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CHAPTER ONE

Introduction to shale and tight
reservoirs

Abstract

Preliminary definitions of shale and tight reservoirs are proposed after the definitions of
shale and tight reservoirs in the literature are summarized and discussed. There are no
widely agreed definitions of shale and tight formations. The definitions of shale oil and
oil shale are differentiated; the former is the oil that exists in shale, whereas the latter is
the rock that contains organic hydrocarbon materials. Shale and tight resources are
presented. Current production technologies are briefly introduced.

Keywords: Oil shale; Shale; Shale oil; Shale resources; Tight formation.

1.1 Introduction

Oil production from shale and tight formations accounted for more
than half of total U.S. oil production in 2015 (EIA, 2016). Such amount
is expected to grow significantly as the active development of low perme-
ability reservoirs continues. The current technique to produce shale oil is
through primary depletion using horizontal wells with multiple transverse
fractures. The oil recovery is less than 10% (Sheng, 2015d), or 3%e6%
according to the EIA 2013 report (Kuuskraa, 2013). The oil recovery in
tight formations is also low, e.g., 15%e25% (Kuuskraa, 2013). Clark
(2009) showed that the results from several methods indicate that the
most likely value for oil recovery factor in the Bakken shale is approximately
7%. The North Dakota Council website states “With today’s best technol-
ogy, it is predicted that 1%e2% of the reserves can be recovered.” (North
Dakota Council, 2012). The oil recovery factor for each of 28 US tight
oil plays is below 10% (Advanced Resources International, 2013). It is
certain that a large percentage of the oil remains unrecovered without
enhanced oil recovery methods. There is a big prize to be claimed in terms
of enhanced shale and tight oil recovery. Therefore, this book is dedicated to
the enhanced oil recovery (EOR) in shale and tight reservoirs.

Enhanced Oil Recovery in Shale and Tight Reservoirs
ISBN: 978-0-12-815905-7
https://doi.org/10.1016/B978-0-12-815905-7.00001-3

© 2020 James Sheng.
Published by Elsevier Inc.

All rights reserved. 1 j

https://doi.org/10.1016/B978-0-12-815905-7.00001-3


In this chapter, shale and tight reservoirs are defined first. Then current
production technologies are described. Detailed EORmethods are discussed
in the subsequent chapters.

1.2 Definitions of shale and tight reservoirs

In this section, shale and tight reservoirs are defined. The terminol-
ogies of shale oil and oil shale are also differentiated. Different injection
modes are defined.

1.2.1 Shale tight reservoir
Shale is a laminated or fissile claystone or siltstone. If claystones (or siltstones,
not listed in Pettijohn, 1957) are neither fissile nor laminated but they are
blocky or massive, they are termed mudstone. Claystone is indurated clay.
A clay is a sediment with grains less than 0.002 mm (in radius or
1/256 mm in diameter (Pettijohn, 1957). A tight formation is a reservoir.
One common and important characteristic about shale and tight formations
is very low permeability. Tight formation oil permeability is less than 0.1
milliDarcy (mD) (air permeability is less than 1 mD) (Jia et al., 2012); and
matrix shale formation permeability is in the order of nanoDarcies (nD).
Zou et al. (2015) divided conventional and unconventional oil and gas res-
ervoirs using 1 mD air permeability. Song et al. (2015) grouped shale forma-
tion, tight formations, coal-bed methane formations, and oil shale in
unconventional reservoirs. Another related term is ultralow permeability
formation whose permeability is 1 nD to 1 mD (Speight, 2017). In other
words, ultralow permeability formations cover tight formations and shale
formations. But ultralow permeability is defined 0.3e1 mD (air perme-
ability) in China (Yang et al., 2013). Some shale formations, if not all,
have small natural fractures, which can make the effective permeability
higher than the order of nanoDarcies. Some key parameters about tight
oil reservoirs are the porosity less than 10%, total organic carbon (TOC)
higher than 1%, thermal maturity 0.6%e1.3%, and the API gravity higher
than 40 (Jia et al., 2012). Based on the shale pore size distribution, the micro-
pore is for the pore diameter d � 2 nm, mesopore 2 nm � d � 50 nm, and
macropore d � 50 nm (Fakcharoenphol et al., 2014). According to a DOE
report, shale originated from mud deposition in low-energy environment
and it primarily consists of consolidated clay-sized particles (Ground Water
Protection Council and All Consulting, 2009).
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The pore sizes are also used to define shale and tight formations. Zou
et al. (2012) defined the pore throat diameters: shale gas 5e200 nm, tight
oil limestone 40e500 nm, tight oil sandstone 50e900 nm, tight gas sand-
stone 40e700 nm. Some authors classified shale formations as the rocks
where hydrocarbons were generated in situ (source rocks) (Aguilera,
2014), or migrated within a very short distance (Yang et al., 2015), and tight
formations as the formations near source rocks (oil migrated in a short-
distance) (Jia et al., 2014) or source rock-storage reservoir interbedded
reservoirs (Zheng et al., 2017). Actually, a shale formation does not have
to be a source rock. Strictly speaking, shale oil comes from shale formations
like source rocks and mud shale rocks; tight oil comes from
low-permeability sandstones, silty sands, and carbonates. However, in prac-
tice, there seems no clear or agreed difference between these two terms, and
they are used synonymously. Apparently, the term tight formation is
commonly used in China, while the term shale formation is commonly
used in the rest of the world, especially in the United States. More discussion
or review of the subject is provided by Zhou and Yang (2012).

Recently, Zhao et al. (2018) listed some differences between shale and
tight formations which are summarized in Table 1.1.

Despite the above discussions about shale and tight oil reservoirs, the
term tight oil does not have a specific technical, scientific, or geologic defi-
nition. Tight oil is an industry convention that generally refers to oil
produced from very low-permeability shale, sandstone, and carbonate
formations, with permeability being a measure of the ability of a fluid to
flow through the rock. In limited areas of some very low-permeability
formations, small volumes of oil have been produced for many decades
(EIA, 2018a).

However, shale and tight formations should be defined. Table 1.2 may
be used as preliminary definitions.

Table 1.1 Differences between shale and tight formations.
Tight formation Shale formation

Types of hydrocarbon Converted (oil and gas)
migrated from nearby
source rocks

Converted (oil and gas)
and unconverted
organic materials

Rocks Reservoirs (oil and gas) Source rocks
Porosity >6% <3%
Permeability <1 mD (air) <1 nD (probably typo,

should be < 1 mD)
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Because the same unconventional technology (horizontal well drilling
and fracturing) has to be used to produce shale and tight reservoirs, it is
convenient to combine the discussion of these two. Therefore, we do not
differentiate the terms of shale oil and tight oil in this paper, except for
some places where a differentiation is necessary. Note that sometimes shale
oil includes oil from oil shale and shale formation (NPC, 2011; Jia et al.,
2012). Such definition gradually loses its use because the technologies to
produce oil from oil shale and shale formation are very different. Producing
oil from oil shale generally uses high-temperature pyrolysis.

1.2.2 Shale oil versus oil shale
There is a huge difference between oil shale and shale oil. Oil shale is a rock
that contains a solid organic compound known as kerogenea precursor to
oil. Oil shale is a misnomer because kerogen is not really a crude oil, and
the rock holding the kerogen is not necessarily shale. Shale oil refers to
hydrocarbons that are trapped in so tight formations that the oil and gas
cannot easily flow into production wells.

To generate (before production) oil and gas synthetically from oil shale,
the kerogen-rich rock is heated to a high temperature (about 950�F or
500�C) in a low oxygen environment, a process called retorting. There are
two methods to heat the rock. One is to mine the rock and heat the rock
at the ground surface. The other one is to heat the rock underground. To
heat the rock underground, ExxonMobil has developed a process to create
underground fractures in oil shale, to lay electrically conductive materials in
the fracture, and pass electric currents through the shale to gradually convert
the kerogen into liquid oil. The oil company Shell buries electric heaters un-
derground to heat the oil shale. Compared to the technologies to produce
hydrocarbon from oil shale, the current technology to produce shale oil is

Table 1.2 Preliminary definitions of shale and tight formations.
Tight formation Shale formation

Types of
hydrocarbon

Converted (oil and gas)
migrated from nearby
source rocks

Unconverted organic materials
and converted (oil and gas)
and/or migrated from nearby
sources, and

Rocks Storage reservoirs Interbedded source rocks and
storage reservoirs

Matrix
permeability

<0.1 mD <1 mD
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much more publicly known, which is horizontal well drilling and fracturing.
In the Chinese literature, there is a word “volume fracturing” if literally
translated. It actually means massive fracturing which results in a large stim-
ulated reservoir volume (SRV) (Qi, 2015).

1.2.3 Injection modes
A fluid, either water or gas, could be injected into reservoirs through a
flooding mode or in a huff-n-puff (huff and puff) mode. For the flooding
mode, a fluid is injected through a dedicated well and oil and gas are
produced from a separate well or wells (see Fig. 1.1). For the huff-n-puff
mode, after a fluid is injected through a well, in situ fluids (oil, gas and water)
and a fraction of the injected fluid are produced from the same well
(see Fig. 1.2). For the huff-n-puff mode, there is a period the well is
shut-in in some situations. This period is called soaking time. The process
of injecting-soaking-producing is repeated.

Figure 1.1 Schematic of flooding.

Gas
Injection

Soaking
Period

Produced
Fluids

Figure 1.2 Schematic of huff-n-puff.
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Produced fluids may be reinjected into reservoirs in some situations.
Thus, the fluids are recycled. Such cyclic injection can be performed in
both flooding mode and huff-n-puff mode. However, in the petroleum
literature, cyclic injection, more often, refers to huff-n-puff injection.

1.3 Shale and tight resources

According to EIA, the future oil and gas production increases come
from tight reservoirs, as shown in Fig. 1.3. The oil and gas production
from tight resources is more than the total from other sources. It is similar
in China.

1.4 Current production technologies

Current production technologies from shale and tight reservoirs are
primary depletion using hydraulically fractures horizontal wells. In terms
of enhanced oil recovery methods, Orozco et al. (2018) stated: “Up to
now, most of the industry efforts for enhancing oil recovery from shales
have been devoted to H&P gas injection.” The Society of Petroleum Engi-
neers had a forum on EOR in unconventional reservoirs in San Antonio,
Texas, November 5e10, 2017. The huff-n-puff method of gas injection
was discussed in the whole week of the forum. At the end of the form, it
was asked: “Is there any other EOR methods feasible for shale and tight
reservoirs?” Of course, potential EOR methods have been proposed.
EOR methods and related topics are discussed in the rest of this book.

Figure 1.3 U.S. crude oil and dry natural gas production, Reference case (EIA, 2018b).
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CHAPTER TWO

Huff-n-puff gas injection in oil
reservoirs

Abstract

This chapter discusses huff-n-puff gas injection in shale and tight oil reservoirs. The
effects of matrix size, pressure and pressure depletion rate, soaking time, gas compo-
sition, diffusion, water saturation, stress-dependent permeability on EOR potential are
discussed. The EOR mechanisms are discussed. The minimum miscible pressure in
huff-n-puff injection is found to be higher than estimated from the conventional slim-
tube tests. The gas penetration depth is strongly related to natural fracture density.
Some field projects are presented.

Keywords: Diffusion; Gas composition; Gas penetration; Huff-n-puff; MMP; Pressure
depletion rate; Soaking time.

2.1 Introduction

In shale and tight reservoirs, because of the ultralow permeability and
high injectivity of gas, it is intuitive that gas injection is preferred. Gas
injection can be carried through flooding and huff-n-puff. Again, because
of ultralow permeability, most of the pressure drop occurs near the injection
well. It will take a long time for the injected gas to drive oil to the produc-
tion well. Therefore, the flooding mode loses its advantages. By contrast, in
the huff-n-puff mode, as gas injection and fluid production are performed at
the same well, the pressure near the well can be quickly built up during the
huff period, and fluid (gas, oil and water) can be produced immediately after
the well is put in the puff mode (Sheng and Chen, 2014). The benefits of gas
injection can be quickly returned. And the process of huff-soak-puff can be
repeated (cycled). Thus, the benefits can be extended for a long time.
Therefore, the huff-n-puff gas injection is a preferred mode. In this chapter,
the huff-n-puff injection is discussed in detail, including mechanisms, field
projects and experimental and numerical studies of the factors that affect
the performance.
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2.2 Initial simulation studies of huff-n-puff gas
injection

Chen et al. (2013) are among the first who simulated the effect of
reservoir heterogeneity on huff-n-puff CO2 injection enhanced oil recovery
in shale oil reservoirs using the UT-COMP reservoir simulator (UT Austin’s
compositional simulator). Their conclusion was that if the reservoir was
homogenous, injected CO2 moved deep into the reservoir without much
increase in the near-well reservoir pressure, and unable to carry oil back
to the well in the production stage, resulting in a lower recovery factor
compared to that in primary recovery. In their journal publication version
(Chen et al., 2014), they concluded that the effect of reservoir heterogeneity
was to expedite the decline of recovery rate in the production stage, leading
to a reduced final recovery factor; the final recovery factor in the huff-n-puff
was lower than that in the primary recovery because the incremental
recovery in the production stage was unable to make up the production
loss in the huff and shut-in stages.

Sheng (2015d) further analyzed Chen et al.’s (2014) data and results. In
their models, the huff-and-puff process was from 300 to 1000 days; the
injection pressure was 4000 psi, and the bottom hole producing pressure
was 3000 psi. Sheng (2015d) believed that their result was due to the low
production history and the low injection pressure. To support the argument,
Sheng used a simulation model to mimic Chen et al.’s injection pressure,
injection and production history. The model results showed that the oil
recovery factor at 1000 days from the huff-and-puff process was 2.94% which
was lower than 3% from the primary depletion. Thus, Chen et al.’s observa-
tion was repeated by Sheng’s model. However, the model showed that the oil
recovery factors at the end of 30, 50, and 70 years from the huff-n-puff
process were all higher than those from the primary depletion, when the in-
jection pressure of 7000 psi was used. Therefore, Chen et al.’s results were
caused by the low injection pressure of 4000 psi which was lower than the
initial reservoir pressure of 6840 psi. The injection pressure in the high-
pressure reservoir should be raised to show the EOR potential of huff-n-puff.

Wan et al. (2013a) independently proposed huff-n-puff gas injection
during almost the same time as Chen et al. did the above-mentioned
work. Their simulation results showed that a significant increase in oil
recovery could be obtained from huff-n-puff gas injection. After that,
extensive experimental and numerical studies have been carried out in
their research group. Some of those studies combined with other studies
published in the literature are discussed next.
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2.3 Experimental methods

In shale and tight cores, it is very difficult to do experiments, as the
flow rate is very low, significant experimental errors can be resulted. In
this section, several experimental setups are discussed.

2.3.1 Core saturation with oil
When an experiment is conducted, the core needs to be saturated with oil. A
conventional process using a desiccator cannot be used, as the core perme-
ability is too low, and the saturation pressure must be high. An experimental
setup schematically shown in Fig. 2.1 may be used. The core is first vac-
uumed for 1 day, for example. The measured dry core weight is Wdry.
Then oil is pumped through another pump until a desired high pressure
in the container is reached. Stop pumping oil. Oil will gradually imbibe
into the core because the oil pressure is high, and the core was vacuumed
earlier and the pressure inside the core is low. Gradually, the pressure inside
the core is increased until it reaches the oil pressure in the container. During
the saturation period, the oil pump may be restarted, when the oil pressure
inside the container is dropped owing to oil imbibition into the core. When
the pressure inside the container no longer decreases, the core is almost fully
saturated with oil. Then take the saturated core and measure its weight, Wsat.
As is understood, oil cannot enter very narrow pores below some pressure.
As the saturation pressure is higher, oil can enter narrower pores. What pres-
sure should be used? Generally, the saturation should be several hundred psi

Figure 2.1 Schematic to saturate a core with oil.
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higher than the initial reservoir pressure of the interest. Even at such a higher
pressure, oil may not enter very small pores. A core cannot be fully saturated
by oil in practice. This partial saturation is justified by the fact that oil in the
very small pores (e.g., a few nanometers) cannot be produced anyway.
Therefore, the oil recovery factor from laboratory may be at a higher side
because of this partial oil saturation. The weight of the saturated oil is
Wsat � Wdry. Our experience shows that this error is not significant, as
we checked the oil weights at different saturation pressures; we also checked
the oil weight in the core compared with the pore volume which was inde-
pendently measured by nitrogen injection or a CT scanner.

When CT is used, the porosity calculation formula can be derived. If the
porosity is known, the pore volume is known and the oil weight in the pore
volume can be compared with the weight difference between the saturated
core and the dry core. If the oil weight is equal to or very close to the weight
difference, the core is fully saturated.

Assume the rock is fully saturated with oil, the total mass of the oil-
saturated rock is equal to the total mass of oil and rock:

Vorror ¼Voro þ Vrrr (2.1)

In the above equation, Vor, Vo and Vr are the rock bulk volume whose
pores are fully saturated by oil, oil volume, and solid rock volume, respec-
tively, and ror, ro, and rr are the densities for the rock bulk fully saturated by
oil, oil and rock itself, respectively. Divided by Vor for each term, the above
equation becomes

ror ¼fro þ ð1� fÞrr (2.2)

f is the porosity. Assume that the density of a substance is proportional to
the CT number measured in the substance; the above equation can be
written as

CTor ¼fCTo þ ð1� fÞCTr (2.3)

Similarly, for a dry rock which is saturated by air,

CTar ¼fCTa þ ð1� fÞCTr (2.4)

The subscripts o, r and a represent oil, rock, and air, respectively. From
the above two equations, the porosity can be estimated by

f ¼ CTor � CTar

CTo � CTa
(2.5)
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Whether the core is saturated with oil can be checked with the CT num-
ber or CT images. If the CT numbers in the central part of the core are close
to those in the edge of core, the core is saturated. Fig. 2.2 shows 50 CT im-
ages from a core saturated with oil (Li and Sheng, 2016). It does show that
some of the central parts had more greenish colors indicating lower CT
numbers. But overall the color is relatively homogeneous. The degree of
saturation may also be double-checked by comparing the CT numbers of
each slice of the dry core and the saturated core, as shown in Fig. 2.3 as
an example (Li and Sheng, 2016). It shows that at every slide, the CT num-
ber in the saturated core was higher than that in the dry core.

2.3.2 Huff-n-puff experiments
The experimental setup used for gas (N2) huff-n-puff tests is shown in
Fig. 2.4 (Yu et al., 2016a). It mainly includes a high-pressure nitrogen gas
cylinder, a high-pressure vessel, a pressure gauge, a three-way valve, two
pressure regulators, and a gas mass flow controller. The oil-saturated core
weighing Wsat is placed in the vessel. The annular space between the inner
diameter of the vessel and the core represents fracture spacing surrounding

Figure 2.2 CT slice images of an oil saturated core plug (200 in diameter and 200 in
length).
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the matrix. Before operating a huff-n-puff test, all valves are closed. The
procedures for one cycle huff-n-puff process are as follows.
1. Open valve V1 and the N2 cylinder valve to transfer the gas into the

vessel until the system pressure reaches a designed injection pressure;
2. Close valve V1 to have a soaking period;
3. After the soaking period, open valve V2 and set a desired gas outlet flow

rate to reduce the system pressure (linearly) to the atmospheric pressure;

Figure 2.4 Schematic of the experimental setup for N2 huff-n-puff tests.
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Figure 2.3 CT number comparison between a dry and the oil saturated core.
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4. Remove the core from the vessel, measure the weight (Wexp), and calcu-
late the cumulative recovery factor as (Wsat � Wexp)/Wsat.

5. Repeat the procedures 1 to 4 for a set of times (cycles).
In Akita et al.’s (2018) experimental setup, crushed shale samples instead

of core plugs were used. In their experiments, the amount of fluid produced
during each cycle was obtained by the difference between the NMR vol-
umes before and after each cycle.

The oil recovery factor may also be derived from CT numbers. Accord-
ing to Akin and Kovscek (2003), the CT number of a core lies on the
straight line connecting phase 1 to phase 2. They stated that the CT number
of a core has a linear function with the attenuation coefficients of the consti-
tuting materials:

CTgor ¼ð1� fÞmr þ fSomor þ fSgmgr (2.6)

where CTgor represents the CT number for a system of gas, oil, and rock, mr,
mor, and mgr are the attenuation coefficients for the rock only, for the core
fully saturated with oil, and for the core fully saturated with gas, respectively
So and Sg are the oil and gas saturations, respectively. Note that all the
attenuation coefficients mor, and mgr are not the attenuation coefficients for
oil only and gas only, although our intuition or logic think they are.

If only gas is in the pores, the above equation can be written as

CTgr ¼ð1� fÞmr þ fmgr (2.7)

If only oil is in the pores, the above equation can be written as

CTor ¼ð1� fÞmr þ fmor (2.8)

For a pure fluid, oil or gas, f ¼ 1. From the above two equations, we
can see that CT is equivalent to m. Then from Eqs. (2.7) and (2.8), we have

f ¼ CTor � CTgr

mor � mgr
(2.9)

The derived Eq. (2.9) is different from Eq. (2.5). Eq. 2.9 may be incorrect
as it is derived based on Eq. 2.6. We think Eq. 2.6 should be written as Eq.
2.6’: CTgor ¼ (1 � f)CTr þ fSoCTo þ fSgCTg, as it will be further dis-
cussed later.

From Eqs. (2.6) and (2.7), we have

CTgor �CTgr ¼ fSoðCTo�CTgÞ (2.10)

Huff-n-puff gas injection in oil reservoirs 13



Combining Eqs. (2.9) and (2.10), we have

So ¼ CTgor � CTgr

CTor � CTgr
(2.11)

Then the oil recovery factor (RF) is

RF¼ Soi � So
Soi

� 100% (2.12)

where Soi is the initial oil saturation. Although several groups of authors (Shi
and Horne, 2008; Li and Sheng, 2016; Meng et al., 2017) used the above
equation, the derivation lacks rigidity. An alternative derivation is proposed
below.

The mass balance equation for a core saturated with two fluids, gas and
oil, is

rgor ¼ð1� fÞrr þ fSoro þ fSgrg (2.13)

Assume the density of a system or material is proportional to its CT
number,

CTgor ¼ð1� fÞCTr þ fSoCTo þ fSgCTg (2.14)

If the rock is saturated with oil or gas, we have

CTor ¼ð1� fÞCTr þ fCTo (2.15)

and

CTgr ¼ð1� fÞCTr þ fCTg (2.16)

By combining Eqs. (2.14 and 2.16), Eq. (2.11) is derived.
Fig. 2. 5 shows the cumulative distribution of CT numbers for the dry

core, oil saturated core, and during eight cycles (Li and Sheng, 2016).
The CT numbers in the cycles were between the one for the dry core
and the one for the saturated core. The CT numbers decreased with cycle
number. From the CT number in each cycle, oil saturation was calculated
from Eq. (2.11), and the recovery factor was calculated from Eq. (2.12) as
shown in Fig. 2.6.

In the Tovar et al. (2014) experimental apparatus (Fig. 2.7), the frac-
turing space between a core plug and the wall of a container is packed
with glass beads to simulate hydraulic fractures. A CT scanner is used to
monitor the oil saturation changes during the huff-n-puff CO2 injection
process. The oil recovery factor is calculated from CT numbers. The volume
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in the glass beads is much higher than that in the core so that the CO2 satu-
ration is almost one.

In the Alharthy et al. (2015) setup (Fig. 2.8), an ISCO pump injects CO2

at 5000 psi at the inlet valve of the extraction vessel and the pressure is main-
tained during the entire experiment. The temperature inside the extraction

Figure 2.5 CT number cumulative distribution for the dry core, saturated core, and dur-
ing 8 cycles.
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Figure 2.6 CT number, oil saturation, and cumulative oil recovery in every huff-n-puff
cycle.
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vessel is 230�F. The space between the core and vessel wall represents the
fracture surrounding a matrix. During the injection (huff) phase, the outlet
valve is closed, and the CO2 pressure is maintained at 5000 psi for 50 min
(soak time) or overnight if the experiment cannot be continued. Subse-
quently, the outlet valve is opened for 10 min only, while the inlet pressure
is maintained at 5000 psi. This process flushes the CO2 and extracted oil
from the core to the collection vessel. This process does not fully represent
a huff phase, as a displacement process occurs. It represents a CO2 or a
solvent flow through a fractured reservoir with the flow dominating in
fractures. The process is indeed a solvent extraction (soaking) process.

Figure 2.7 Schematic of the displacement equipment (Tovar et al., 2014).

Figure 2.8 EOR experimental setup (Alharthy et al., 2015).
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The whole process lasts about 1 hour. And the experiment lasts 24 h or more
hours for some experiments. The oil recovery factor is calculated from the
collected fluid compositions by GC.

2.3.3 Experimental verification of huff-n-puff effectiveness
The simulation work from Wan et al. (2013a) and Chen et al. (2013)
demonstrated the EOR potential of huff-n-puff gas injection in shale cores
and shale reservoirs. The potential needs to be verified by experiments, as
initial concerns were: (1) during the huff (injection) period, insignificant
amount of oil could come out of the core by countercurrent flow of oil
and gas, as the injected gas pressure was high and the gas was injected
from all the core surfaces; (2) during the puff (production) period, because
the oil compressibility was low, limited gas could enter the core, and thus
the resultant pressure energy was limited that drove oil out of the core;
(3) as a result of those two reasons, the huff-n-puff process might lead to
a cycle of injecting and producing gas.

To verify the EOR potential, an experimental setup similar to that pre-
sented in Fig. 2.4 was first used by Gamadi et al. (2013). Outcrop core plugs
(unfractured matrix cores) from Eagle Ford, Barnett, and Marcos shales were
used. Soltrol 130 mineral oil and nitrogen were used. The effects of soak
time, injection pressure, and other parameters were investigated. The results
showed that huff-n-puff gas injection could increase a significant oil, as
shown in Fig. 2.9 as an example.

Figure 2.9 Huff-n-puff nitrogen injection performance from Mancos, Barnet, and Eagle
Ford cores.
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Tovar et al. (2014) used preserved sidewall cores (1in. diameter) under
confinement. The cores were soaked in CO2 at 1600 psi and 3000 psi
and 150�F for several days. Production of oil was achieved by increasing
the system pressure above a set pressure (similarly to puff period). After the
1 hour of production, the system pressure was maintained 100 psi below
the set pressure again (similarly to a huff and soak period). The production
was carried out twice a day. The oil recovery was between 18% and 55%
of the original oil in the cores.

Alharthy et al. (2015) used their solvent soaking process (not huff-n-puff)
and found that 95% oil was achieved by CO2 for Middle Bakken cores and
up to 40% for Lower Bakken cores. Note that the core diameters were
1.1 cm and the lengths were 4.4 cm. Other solvents like methane,
methane-ethane mixture, and nitrogen were also used.

2.4 Effect of core size

Further to the preceding initial studies and experimental verification,
many more experimental and simulation studies have been performed. The
results are summarized and discussed next.

In the preceding verification experiments, very small cores were used so
that high oil recovery was obtained. In real reservoirs, matrix is much larger.
Therefore, the experimental results cannot directly be applied to reservoirs.
The effect of core size needs to be studied.

Li and Sheng (2016, 2017a) did an experimental study about the effect of
core size on gas huff-n-puff using two groups of cores from the Wolfcamp
formation in West Texas. The first group contained core plugs with the
same length of 2 inches but different diameters of 100, 1.500, 200, 300, 3.500,
and 400. The second group core plugs had the same diameter of 1.5 inches
but different in lengths of 100, 200, 2.7500, and 3.500. The injection pressure
was 2000 psi. Methane was used. All the experiments were performed at
the temperature of 95�F in an oven. The huff-n-puff experiments were con-
ducted following the procedures described in Section 2.3.2.

Fig. 2.10 shows the oil recovery factors for different diameters but the
same length of 2 inches. It is understandable that as the diameter was
increased, the surface-to-volume ratio was decreased, the diffusion area
and flow area were relatively low, and the pressure gradient (dp/dr) became
lower. Thus, the resultant oil recovery became lower.

Fig. 2.11 shows the oil recovery factors for different lengths but the same
diameter of 1.5 inches. It shows that the oil recovery factors were not quite
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different, because the surface-to-volume ratio did not change, the diffusion
area and flow area were not changed, and the pressure gradient (dp/dr) was
the same when the length was changed.

The above experiments show that the oil recovery factor from a huff-n-
puff gas injection varies with the core size. It can be predicted that it
will vary with the matrix size in the field scale. To be able to use the
experimental data, an upscale method is needed. Li and Sheng (2017b)
proposed a curve of the oil recovery versus a dimensionless time for
different sizes:

tD ¼ 0:000264 kt

fmctðL2Þ
�
p2D

� (2.17)

where tD is the dimensionless time; k is the permeability in mD; t is the
operation time in hours; f is the matrix porosity; m is the oil viscosity in cP;
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Figure 2.10 Oil recovery factors for cores of different diameters but the same length.
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ct is the total compressibility in psi�1; L is the characteristic length in ft; pD is
the dimensionless pressure which is defined as

pD¼ phuff � ppuff ¼
R thuff
0 pavgdt

Shuff
�
R tpuff
0 pavgdt

Spuff
(2.18)

The subscripts huff and puff mean during the huff time and puff time,
pavg means the matrix average pressure. Refer to the areas marked in
Fig. 2.12, phuff and ppuff are defined as

phuff ¼
S1
S2

¼
R thuff
0 pavgdt

Shuff
¼

R thuff
0 pavgdt

pmax � thuff
(2.19)

ppuff ¼
S3
S4

¼
R tpuff
0 pavgdt

Spuff
¼

R tpuff
0 pavgdt

pmax � tpuff
(2.20)

where S1, the blue area shown in the figure, represents the integral of
average matrix pressure over the huff time in a cycle (thuff), S2, part of it
being the yellow area shown in the figure, represents the area defined by the
maximum average matrix pressure during the huff time, pmax, times thuff;
similarly, S3, the green area shown in the figure, represents the integral of the
average matrix pressure over the puff time in a cycle (tpuff), S4, part of it
being the pink area shown in the figure, represents the area defined by the
maximum average matrix pressure, pmax, times tpuff.

Using the above definitions, the curve of cumulative oil recovery factors
versus the dimensionless time for the simulation models of different matrix
sizes falls on almost the same curve, as shown in Fig. 2.13. In this figure, the
oil mobilities (permeability divided by oil viscosity) of the different scales are
the same. When the mobility is increased, the curve shifts to the right,
although variation of well operation constraints (e.g., injection and produc-
tion pressures) does not shift the curve. When the huff time and/or puff time
are changed, pD is changed. As pD is increased, tD is decreased, the curve
shifts to the left. Simulation model results seem to indicate that the optimum
pD for oil recovery is 0.8 (Li and Sheng, 2017b).

2.5 Effects of pressure and pressure depletion rate

In the beginning of the type of research in laboratory, the injection
pressure was in a few thousands of psi, and the pressure was suddenly released
to the atmospheric. It was observed that as the injection pressure was
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increased, the oil recovery factor became higher (Gamadi et al., 2013). Such
results were confirmed by other researchers in laboratory and simulation,
e.g., Yu et al. (2016a) and Li et al. (2018). Liu et al. (2005) mentioned
that if the gas injection pressure is lower, the gas penetration velocity
become lower; then the injected gas (CO2) may stay near the injector,
reducing gas contact with oil. When the velocity is higher, gas may bypass

Figure 2.12 Oil recovery factor and matrix average pressure vs. operation time, (A) in a
typical huff-n-puff injection time, (B) zoomed in a typical cycle.
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oil and penetrate further into the reservoir, increasing gas contact with oil.
But too high pressure may push oil far away from the well. Laboratory results
show that intermediate velocity led to the best performance for conven-
tional reservoirs. In shale and tight reservoirs, a higher injection pressure
that corresponds to a higher velocity provides a better performance.
However, as the pressure is further increased, the incremental oil is reduced
so that the oil recovery factor is similar to that in a lower pressure, if huff-
n-puff injection is long enough (Song and Yang, 2013).

The effect of huff pressure is opposite to that of puff pressure. When the
puff pressure is lower, higher drawdown occurs. Then the recovery rate is
higher. Sheng and Chen’s (2014) and Sanchez-Rivera et al.’s (2015) simu-
lation results show that a larger drawdown leads to a higher oil recovery
factor; the benefit of larger drawdown is more important than maintaining
miscibility near the wellbore by raising the puff pressure.

In laboratory, if the core size was the same, the effect of pressure was
actually the effect of pressure depletion rate. In real reservoirs the pressure
is depleted at a different or slower rate than in a typical experiment in lab-
oratory. To make use of laboratory results for field performance prediction,
it is necessary to study the effect of pressure depletion rate.

Yu et al. (2016a) used two Eagle Ford outcrops (LEF_3 and LEF_4) to
study the effect of pressure depletion rate using the experimental apparatus

Figure 2.13 Oil recovery factor vs. dimensionless time from the simulation models of
different scales.
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shown in Fig. 2.4. The cores had the porosity of 9.7% and the permeability
of 300e500 nD. Nitrogen and a Wolfcamp dead oil of 8 cP viscosity were
used. The soak time was 12 h (hours). The soaking pressure of 1000 psi was
depleted to the atmosphere within 0.05, 12, 24, and 48 h. The data in
Fig. 2.14 shows that as the pressure depletion rate was decreased, the oil re-
covery decreased. They also used a simulation model to history matched the
experimental data for the LEF-3 core, as shown in Fig. 2.15. More work was
done earlier (Yu and Sheng, 2015).
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Figure 2.14 Effect of pressure depletion rate, (A) LEF_3 and (B) LEF_4.
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When the pressure is depleted faster, more cycles can be performed
within the same time, which helps further to produce more oil. When
the pressure is depleted faster, more gas sites are nucleated. Small gas bubbles
form at these gas sites. These gas bubbles grow or expand to provide energy
to drive oil out of matrix. As more gas bubbles form, it will be more difficult
for those gas bubbles to coalesce. In other words, if the pressure depletion
rate is low, large gas bubbles form and they can more easily coalesce, forming
a continuous flow path to flow out of matrix bypassing oil (Sheng et al.,
1997; 1998).

Interestingly, Akita et al.’s (2018) experimental data of huff-n-puff gas
injection showed that higher rate led to lower oil recovery. The attributed
this lower recovery to a two-phase choke effect. Native core plugs were
used. CO2 was used as gas. The experimental temperature was at 150�F.
The injected pressure was 3500 psi. The soak time was 1 h. Two pressure
depletion rates were used. In the fast depletion experiment, the 3500-psi
pressure was released to the atmospheric pressure in 3 min. In the other
slow experiment, the 3500-psi pressure was released to the atmospheric
pressure in 45 min. After the depressurization, the samples were removed
from the pressure vessel to a desiccator to cool down to the room temper-
ature for 1 h. The amount of fluid produced from the samples during each
cycle was measured by the difference between the NMR volumes before
and after each cycle. The NMR measurements were conducted at
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Figure 2.15 Comparison of experimental data and simulation data on the effect of
pressure depletion rate.
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12 MHz and a TE of 0.114 ms. Their experiments showed that the recovery
of each cycle from the slow experiment was about twice that in each corre-
sponding cycle from the fast experiment.

In their fast experiment, when the samples were immediately removed
from the pressure vessel to a desiccator to cool down to the room temper-
ature, the fluid in the sample could not come out any more, as both the
pressure and the temperature were low at room conditions. Based on our
experience, it takes time for the fluid in a tight core to come out. While
in the slow experiment, the samples were kept in the high temperature
(150�F), and the relatively higher pressure was maintained for 1 h. During
this 1 h, a lot of fluid came out based on our experience.

2.6 Effect of soaking time

It is easy to predict that if soaking time is longer, injected gas has more
time to diffuse into the matrix and dissolve into the oil, therefore, more oil
can be produced in each cycle. Such results have been confirmed in the liter-
ature (Gamadi et al., 2013; Yu and Sheng, 2015; Li et al., 2016). Fig. 2.16 is
an example (Yu et al., 2016a), in which an Eagle Ford outcrop sample was
used. The soaking pressure was 1000 psi. This pressure was depleted in
0.05 h during the puff period. Nitrogen was used. This example showed
that at the same sequential cycle number, the oil recovery was higher as
the soaking time was increased. It also showed that when the soaking
time was short from 0.025, 3e12 h, increasing soaking time significantly

Figure 2.16 Soaking time effect on huff-n-puff oil recovery.
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increased oil recovery, but not effectively as the soaking became long from
12, 24e48 h. Especially, after 4th cycle, the difference for different soaking
times was marginal. Logically, there should be an optimal soaking time. In
this example, 12 h seems to be an optimal.

Fig. 2.17 compares the experimental data with the simulation results. It
can be seen that the simulation results match the experimental data,
confirming the conclusions from the experiments. Using a simulation
model, we can investigate more mechanisms by analyzing simulation data.
Fig. 2.18 shows the matrix-fracture system pressure in the first six cycles
for the test of 12 h of soaking and 3 h of production. Nitrogen is injected

Figure 2.17 Comparison of experimental data and simulation results on soaking time
effect.

Figure 2.18 System pressure profile for 6 cycles of the test of 12 h of soaking time and
3 h of production time.
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into the system quickly until the system pressure reaches 1000 psi, followed
by 12 h of soaking. Then the system pressure is blown down to the atmo-
sphere followed by 3 h of production. So, the total operation time for one
cycle is 15 h. During the soaking phase, the system pressure declines rapidly
in the first 3 h, and then the decline rate decreases gradually until the pres-
sure levels off. The pressure drop (DP) in the first cycle is about 10 psi. This
pressure decreases more in the subsequent cycles. This is because in the early
cycles, oil saturation is high; it is difficult for gas to diffuse into the oil. At
later cycles, some oil is produced leaving more gas channels for gas to enter
the matrix and dissolve in the oil, the pressure decreases more (about 16 psi).
It is 18 psi in the 6th cycle.

Fig. 2.19 further shows the pressure distribution in the system. After gas
injection (huff phase), the pressure in fracture area builds up to 1000 psi
quickly (in 30 s). With the gas diffusing into the shale matrix, the matrix
pressure increases with soaking time from the outer to the inner sections.
After about 8.5 h of soaking, the whole system reaches almost 1000 psi.
Therefore, a soaking time longer than 8.5 h may not effectively help to
improve oil recovery.

Figure 2.19 System pressure profile in 1 cycle of huff-n-puff process.
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Although soaking improves oil recovery, the equal amount of produc-
tion time is sacrificed. Fig. 2.20 presents the oil recovery histories for the
four different soaking times. Note that the horizontal axis is the actual exper-
imental (operation) time, instead of the cycle numbers as plotted earlier.
Since there is no oil produced during the huff and soaking phases, the recov-
ery factor (RF) curve remains flat from the beginning of the huff phase to the
end of soaking phase, as the experimental RF data are collected at the end of
each puff phase. The RF data at the end of the puff phase is connected to the
RF data at the end of soaking phase. In the figure is shown a short line with a
positive slope. So, in each cycle there are one flat line and one positive-slope
line. It can be seen from the figure that within the same operation time, a
higher cumulative RF was achieved for a shorter soaking time. Although
within a single cycle, a shorter-soaking case had a lower RF, more cycles
could be performed, and less production time was lost. This result was
also confirmed by experiments in laboratory (Gamadi et al., 2014b; Li and
Sheng, 2017a) and by numerical simulation (Sanchez-Rivera et al., 2015;
Li et al., 2016; Kong et al., 2016; Li and Sheng, 2017a).

Based on the above discussion, it seems zero-soaking time is the best.
Monger and Coma (1988) reported that a soak period was required to maxi-
mize ultimate oil recovery by huff-n-puff CO2 injection in watered-out
Berea cores. However, in the reservoir, 9 out of 14 successful CO2

Figure 2.20 Oil recovery histories for different soaking times.

28 Enhanced Oil Recovery in Shale and Tight Reservoirs



huff-and-puff field tests experienced soak periods ranging from 18 to
52 days, and the process performance appeared to be less sensitive to the
soak duration. In few CO2 huff-n-puff projects in shale reservoirs, soaking
time was tens of days (Sheng, 2017a). From the experience of the author of
this work, simulation models show zero-soaking time is preferred in terms of
oil recovery.

2.7 EOR performance with number of cycles

Artun et al. (2011) did a parametric simulation study of a naturally
fractured reservoir (a conventional reservoir). They found the optimum
number of cycles was two to three based on net present value. However,
Fig. 2.21 shows the pictures of a core of 200 in diameter and 200 in length
from the first cycle to eighth cycle of huff-n-puff methane injection (Li
and Sheng, 2016). The methane was injected at 2000 psi, the core was
soaked for 1 day and then the pressure was released to the atmospheric pres-
sure. The incremental recovery factors in each cycle for 10 cores are pre-
sented in Table 2.1. The figure and the table show that oil coming out
from the core decreased with the cycle. This is because it was easier for

Figure 2.21 A core with released oil during 8 cycles of huff-n-puff injection.
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Table 2.1 The incremental oil recovered in each cycle of all the 10 core plugs.

Core No. Diameter inches Length inches

Incremental oil recovered in each cycle

Cycle 1 Cycle 2 Cycle 3 Cycle 4 Cycle 5 Cycle 6 Cycle 7 Cycle 8

1 1 2 12.63% 8.21% 8.27% 6.30% 4.66% 3.47% 3.37% 2.74%
2 1.5 11.26% 8.47% 7.61% 6.24% 5.59% 3.18% 3.60% 2.62%
3 2 10.53% 8.05% 7.32% 6.96% 5.48% 3.61% 3.26% 2.55%
4 3 9.77% 6.54% 7.92% 6.69% 5.16% 3.73% 3.76% 2.58%
5 3.5 9.34% 6.18% 7.62% 5.83% 4.82% 3.86% 3.83% 2.07%
6 4 8.62% 5.84% 6.69% 6.54% 4.62% 4.12% 3.99% 2.22%
7 1.5 1 12.98% 7.85% 6.96% 6.48% 6.21% 2.78% 2.98% 2.30%
8 2 12.97% 7.30% 7.04% 6.75% 5.80% 3.53% 2.63% 2.26%
9 2.75 13.67% 9.63% 7.83% 5.64% 4.86% 3.82% 2.67% 2.19%
10 3.5 13.60% 9.77% 7.52% 5.75% 5.53% 3.48% 2.68% 2.21%
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the oil to come to the core surface and the oil saturation gradient is higher in
the earlier cycles.

Yu and Sheng (2015) did 10 cycles of huff-n-puff experiments under
different pressure depletion rates, using Eagle Ford outcrop samples, the
mineral oil Soltrol 130, and nitrogen. Their cumulative oil recovered
continued to increase with the cycle. One of the example results is presented
in Table 2.2.

Wan et al. (2015) history matched Yu and Sheng’s experiments and their
models also predicted the continuous increase with the cycle. Their simula-
tion data showed that the cumulative oil recovered increased with the cycle
almost linearly when the diffusion was not included in the model.

Sheng (2017b) simulated the huff-n-puff gas injection with 300 days of
huff and 300 days of puff time but no soak time, for 32,850 days (about 90
years). The cumulative oil recovery factor keeps increasing, although the oil
rate decreases with time as shown in Fig. 2.22. These results indicate that the
huff-n-puff process in shale and tight reservoirs can be continued until an
economic rate cut-off is reached. In a practical application, an economic
cut-off may not allow too many cycles. Artun et al. (2011) did a parametric
simulation study of a naturally fractured reservoir (a conventional reservoir).
They found that the optimum number of cycles was 2 to 3. Sanchez-Rivera
et al.’s (2015) simulation data shows that only the first cycle of huff-n-puff
CO2 injection was profitable. They assumed the oil price is $90/STB and
the CO2 cost is $2/Mscf. Reinjection of separator gas (about 50% CO2

and 50% produced gas) make a project more profitable.

2.8 Effect of injected gas composition

N2, CO2, and C1 are separately used by different researchers to study
huff-n-puff gas injection in laboratory. To compare the performance of
these gases, Li et al. (2017a) did experiments and simulation work at the
same experimental setup and similar conditions. In their experiments, Wolf-
camp dead oil was used. The injection pressure was 2000 psi. More exper-
imental details are shown in Table 2.3. To check repeatability, two cores are
used. Note that the experimental conditions for CO2 are not the same as
those for N2 and C1 which have the same experimental conditions. For
Core 1, N2 and C1 oil recovery factors are similar in the first three cycles,
but N2 is better than C1 (Fig. 2.23a). For Core 2, N2 was always better
than C1. It seemed that N2 is better (Fig. 2.23b). Note the dead oil is
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Table 2.2 Accumulative RF data for 10 huff-n-puff recovery cycles of the first round experiment (soaking for 1 day).
Core No. p depletion time, hrs Cycle 1 Cycle 2 Cycle 3 Cycle 4 Cycle 5 Cycle 6 Cycle 7 Cycle 8 Cycle 9 Cycle 10

EF #1 0.05 18.67% 23.75% 28.91% 32.82% 36.22% 39.51% 42.46% 45.40% 48.08% 50.51%
EF #2 4 15.39% 22.25% 26.40% 30.23% 33.88% 37.10% 40.28% 43.24% 46.27% 49.06%
EF #3 40 9.27% 15.34% 19.74% 24.01% 26.73% 30.34% 33.66% 37.06% 40.34% 43.39%
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used. C1 was easier to dissolve in the oil, resulting in lower pressure to drive
oil out of cores.

To avoid this performance difference that might be caused by an exper-
imental error, simulation models in the experimental scale show that N2 is
better than C1, and CO2 is the best (Fig. 2.24). However, a field scale model
simulation results seen in Fig. 2.25 show that C1 is better than N2; C2 is bet-
ter than CO2. The huff time and puff time are the same 100 days. Other
simulation studies (e.g., Wan et al., 2014a) also show that the oil recovery
by CO2 injection is higher than that by methane injection in shale oil
reservoirs.

Figure 2.22 Oil rate versus time in an extended simulation case.

Table 2.3 Experimental conditions.
Test
No. Gas Core no.

Injection
time, hrs

Soaking
time, hrs

Production
time, hrs

1 CO2 Core 1
Core 2

1 6 6

2 N2 Core 1
Core 2

0.2 18 6

3 C1 Core 1
Core 2

0.2 18 6
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In Shayegi et al.’s (1996) sandstone cores and Alharthy et al.’s (2015)
shale core experiments, C1 was better than N2. Li et al. (2017a) attributed
this inconsistency to the difference in oil components. Their field scale
model shows in Fig. 2.26 that the performance of N2 is better for a dead
oil, but C1 was better for a live oil. For a live oil, C1 can easily dissolve
in the oil, making oil viscosity lower, compared with N2. But for a dead
oil, their solubility and the oil viscosity reduction are not much different.

Figure 2.23 Effect of injection gases on huff-n-puff oil recovery. (A) RF results for Core 1
(B) RF results for Core 2.
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Figure 2.25 Effect of injection gases on oil recovery using a field-scale simulation
model.

Figure 2.24 Effect of injection gases on oil recovery using an experimental simulation
model.
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In condensate reservoirs, Sheng et al. (2016) observed from a simulation
study that the liquid condensate recovery from CO2 injection is little bit
higher than that from the methane injection, but it is much higher than
that from nitrogen injection because it is more difficult for nitrogen to be
miscible with liquid oil. However, Sheng (2015b) observed that the liquid
oil recovery from CO2 injection is lower than that from C1 injection
because the total volume of injected CO2 is 15% lower than that of injected
C1 for the same injection pressure. Sharma and Sheng (2017, 2018) found
that ethane is the most effective agent to recover liquid condensate
compared with methane and solvents like methanol and isopropyl alcohol
(IPA).

In principle, if the injected agent is more similar in its properties to liquid
oil, the liquid oil recovery will be higher under the same injection condi-
tions and injection volume. Other operation issues need to be considered.
For example, CO2 injection may have issues like corrosion, hydrate and
lack of availability near a large field operation; it may cause an asphaltene
deposition issue (Shen and Sheng, 2017a; 2017b, 2018).

Figure 2.26 Comparison of oil recovery from N2 and C1 when live and dead Wolfcamp
oils are used.
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2.9 Minimum miscible pressure

For gas EOR, one of the important mechanisms is the miscibility of
gas and oil. Then a miscibility pressure needs to be measured. One of the
conventional methods is to use slimtube tests. One example of such an
experimental setup is shown in Fig. 2.27. The part in the figure marked
“Coil/Column” is a slimtube which is packed with sand and the sand is satu-
rated with a dead oil initially. About 1.2 pore volumes (PV) of gas (CO2 in
this figure) are injected to the slimtube. Some of the gas is dissolved in the oil
to swell the oil and to reduce oil viscosity; some of the gas bypasses the oil;
and some of the gas displaces out the oil in the slimtube. The produced oil is
collected at the downstream where a back-pressure regulator (BPR) is
installed. It can be understood that as the injection pressure is higher,
more oil can be displaced out. When the pressures are low, an increase in
pressure will result in a significant increase in oil production. But when
the pressures are high, the increase in pressure may not lead to as much in-
crease as in the low pressures. One example of the oil recovery factors at
different pressures is shown in Fig. 2.28. From this figure, it can be seen
that the increase in oil recovery slows down when the pressure is higher

Figure 2.27 A schematic to measure the miscible pressure using slimtube tests.
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than 1620 psi. It means that when the pressure reaches 1620 psi, gas and oil
start to be fully miscible. Thus, it is called the minimum miscible pressure
(MMP).

Li et al. (2017b) used the above experimental setup to determine the
CO2 MMP for Wolfcamp oil at 104�F. The MMP was 1620 psi.

After determining the MMP using slimtube tests, Li et al. (2017b) used
the Wolfcamp oil and three Wolfcamp shale core samples to perform huff-
n-puff CO2 injection tests, with the pressures below and above the MMP
(1200, 1600, 1800, 2000, and 2400 psi). At each pressure, seven cycles of
huff-n-puff tests were performed. For each huff-n-puff test, the soaking
time was 6 h. The soaking pressure was suddenly released to the atmospheric
pressure, and the core stayed in that pressure for 6 h. The oil recovered was
estimated from the weight difference of the core samples containing oil
before and after the test. The experimental setup is shown in Figs. 2.29
and 2.30. The accumulator 1 was used to store high pressure CO2. The
core samples were put in the accumulator 2. The accumulator 3 contained
the oil which was used to saturate the core samples. Three cores were used to
repeat the tests. The results for Core 2 are presented in Fig. 2.31. Note that
the oil recovery factors at different soaking pressures and different cycles
were different. But the MMP determined from Core 2 at Cycle 6 was close
to that from Cycle 7, and the MMPwas close to those from other cores. The
MMP was about 1800 psi. This MMP is about 200 psi higher than that
obtained from slimtube tests.

Figure 2.28 An example to determine MMP from slimtube tests.
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Figure 2.29 Experimental setup for the CO2 huff-n-puff tests.

Figure 2.30 Oil recovery factors at different soaking pressures and different cycles for
Core 2.

Figure 2.31 MMP determined from tests using Core 2 at Cycles 6 and 7. (A) MMP from
Core 2 at Cycle 6 (B) MMP from Core 2 at Cycle 7.
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Li et al. (2017b) used a simulation model to history match the tests for
Core 2. Fig. 2.32 shows the pressure distribution in Core 2 at the end of
soaking period at Cycle 7. It can be seen that the pressure in the central
part of the core was lower than that near the core surface where the injection
pressure was reported and plotted in Fig. 2.31. To make the central part
miscible, the injection pressure near the core surface must be higher than
the MMP (1620 psi) determined from the slimtube test. This phenomenon
is less significant in a high-permeability case. Another fact that caused this
MMP difference is the two methods used. One method is to measure
MMP from the huff-n-puff tests in which the pressure depletion was fast
and the pressure was actually lower than the MMP required in the puff
period. The other is from the slimtube experiments in which the gas injec-
tion rate in the slimtube experiment was extremely slow to allow the gas to
fully mix with oil. Therefore, the MMP required for huff-n-puff injection
should be higher than the MMP estimated from the slimtube tests.

Similarly, the distributions of CO2 mole fraction in oil inside the core at
the end of soaking period in Cycle 7 (Fig. 2.33) shows that when the injec-
tion pressure was below 1800 psi, the CO2 fraction in the core center was
low, indicating the miscibility was not reached. When the pressure was at

Figure 2.32 Pressure distribution in Core 2 at the end of soaking at Cycle 7.
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1800 psi, more CO2 reached the core center. After that, the benefit of
increasing pressure was not significant.

2.10 Effect of diffusion

It is our intuition that in shale and tight formations, diffusion is more
important than in conventional formations as the convection is smaller; and
it may be thought that diffusion plays a dominant role. However, in shale
and tight formations, the diffusion is also smaller than in conventional for-
mations. In the literature, a theoretical or experimental quantification has
not been published regarding the huff-n-puff gas injection process. Re-
searchers generally use simulation models to quantify their roles by
comparing the oil recovery with and without inclusion of diffusion in their
models. Wan and Sheng (2015a) simulated gas flooding in shale formations.
Their simulation results show that the Péclet number in their model is in the
order of 10�3, indicating a diffusion-controlled flow regime. The Péclet
number (Npe) defines the ratio of the convective term (velocity multiplied
by characteristic length L) to the dispersive coefficient (D). Figs. 2.34 and
2.35 shows the effect of diffusion on oil recovery in gas flooding at different
natural fracture spacings. Diffusion does not show up as there is no gas injec-
tion in the primary production. In the gas injection process, as the fracture
spacing is reduced, the effect of diffusion is enhanced. When the spacing is

Figure 2.33 CO2 mole fraction in oil at the end of soaking at different pressures in Cycle
7 for Core 2 (dotted line outlining the core area).
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about 50 ft to 100 ft, the increase in oil recovery with diffusion compared
with the case without diffusion is about 10%. Yu et al.’s (2014b) simulation
shows that the incremental oil recovery factor is 3%e4% using a diffusion
coefficient of 10�8 m2/s. In their model, one huff-n-puff is 6 months of
huff, 3 months of soaking, and 12 months of puff, and this cycle is repeated
for 30 years.

Li and Sheng (2017a) simulated huff-n-puff CH4 injection with and
without diffusion. The molecular diffusion coefficients are calculated using

Figure 2.34 Effect of diffusion on gas flooding oil recovery at different fracture
spacings.

Figure 2.35 Effect of diffusion on huff-n-puff methane injection.

42 Enhanced Oil Recovery in Shale and Tight Reservoirs



the Sigmund (1976) correlation. Fig. 2.35 shows that the oil recovery with
diffusion is about 10% higher than that without diffusion in the first five
cycles. The difference becomes lower with later cycles.

Li et al. (2018) used a simulation model which matched an experiment of
huff-n-puff methane injection. The oil viscosity at different distances from
the “fracture” are shown in Fig. 2.36A with diffusion and Fig. 2.36B
without diffusion. The fracture was the open space between the core plug
of 1.5 inches in diameter and the container wall in the experiment. The
place with 0.75 inches to the fracture was at the edge of the core, 0.45 inches
to the fracture was the middle of the core, and the 0.075 inches to the frac-
ture was the center the core. In the figure, “H” represents the huff time (1 h)
and soaking time (4 h), and “P” represents the puff time (4 h). The figure
shows that with diffusion in (A), the oil viscosity in the center of the core
increased during the huff and the soaking time, and the oil viscosity in the
middle and the edge of the core decreased, as the methane diffused from
the edge to the center. Without diffusion in (B), the oil viscosity did not
change during the huff and the soaking time.

2.11 Effect of water saturation

In real reservoirs, some initial water and aqueous fracturing fluid exist.
Li et al. (2018) studied the effect of this water on huff-n-puff CO2 perfor-
mance. Since the water and oil saturation in the core initially and at the end
of a cycle were not known, oil recovery factor could not be calculated.
Instead, a liquid recovery factor was calculated using the following equation:

Liquid recovery factor at the end of cycle i ¼ Wrþwþo �Wi

Wrþwþo �Wdry

(2.21)

In the above equation, Wrþwþo is the weight of the rock saturated with
water and oil initially, Wi is the weight of the rock with water and oil at the
end of cycle i, andWdry is the weight of dry rock. Three tests were conduct-
ed: one test with the core fully saturated with Wolfcamp dead oil, the other
two tests with cores saturated with oil and water of 15% KCl for repeatability
tests. During the tests, the soaking pressure of 2000 psi was released to the
atmosphere. About 6 h of soaking time and 6 h of huff time were used.
The experimental data are shown in Fig. 2.37. It showed that even the
produced oil and water were added together, the liquid oil recovery is lower
than the oil recovery, indicating the multiphase fluid system was not as
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Figure 2.36 Oil viscosity at different places in the core during huff-n-puff methane
injection. (A) With diffusion (B) Without diffusion.
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effective as the single oil fluid system to produce fluid in the huff-n-puff
mode. This is another factor which needs to be considered when predicting
a field performance.

2.12 Effect of stress-dependent permeability

After some years of primary production, the reservoir pressure (pore
pressure) is reduced, and the formation effective stress is increased. As a result,
the formation permeability is reduced. If huff-n-puff gas injection is carried
out, the formation permeability will be increased during the huff period and
the early puff period, because the formation of effective stress is reduced owing
to the increased pore pressure. Therefore, the huff-n-puff process helps well
injectivity and productivity. Gala and Sharma (2018) evaluated this benefit
using reservoir simulation, as shown in Fig. 2.38. It shows the oil recovery
factors for the cases of No Geomechanics (no stress-dependent permeability
changes), Base Gamma ¼ 5e-4 1/psi (middle curve), and Base
Gamma ¼ 10e-4 1/psi (bottom curve). The gamma is the permeability-
stress exponent in an uploading/unloading cycle in the following equation:

k ¼ k0e
bðs�s0Þ (2.22)
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Figure 2.37 Liquid/oil recovery factors at the end of cycles with different oil
saturations.

Huff-n-puff gas injection in oil reservoirs 45



where k is the permeability at the effective stress s, k0 is the permeability at
the initial stress s0, b is the permeability-stress exponent. Apparently
opposite to what we expect, this figure shows that the oil recovery is the
highest when the permeability does not change with the effective stress (no
geomechanics). This is because in their simulation model, the permeability is
kept at the highest value k0 at the initial effective stress s0 in the case of No
Geomechanics. For a fair comparison, the permeability in the case of No
Geomechanics should have been chosen at the value at the end of 5 years of
primary depletion, so that the benefit of permeability increase from the huff-
n-puff process can be shown.

The benefit of huff-n-puff injection can be seen from Fig. 2.39 in which
the ratios of oil production from the huff-n-puff cases to that from the non-
huff-n-puff case are plotted. It can be seen that the ratio from the case of No
Geomechanics is lower than those from the other two cases. In other words,
in real reservoirs where the permeability is stress-dependent, the huff-n-puff
beneficial is enhanced.

2.13 Huff-n-puff mechanisms

Many EOR mechanisms have been proposed in the literature for
huff-n-puff gas injection, including increase in reservoir pressure, volumetric

Figure 2.38 Oil recovery factors for the cases of No Geomechanics (no stress-
dependent permeability changes, top curve), Base Gamma ¼ 5e-4 1/psi (middle curve)
and Base Gamma ¼ 10e-4 1/psi (bottom curve) (Gala and Sharma, 2018).
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swelling, viscosity reduction, relative permeability hysteresis, miscibility, gas
extraction, gas solubility, and diffusion. But few are quantified.

Swelling effect stores the energy during the huff period, and it provides
the driving force in the puff period. Swelling also increases the oil volume so
that oil saturation and thus oil relative permeability is increased. Liu et al.
(2005) reported that the swelling factor in the huff period is higher than
that in the puff period at the same pressure. During the huff period, the
injected gas is in a continuous phase, whereas the gas may lose some conti-
nuity during the puff period. Some gas is trapped. This may result in the rela-
tive permeability hysteresis by which gas relative permeability is reduced
during the puff period (imbibition process). As gas diffuses into the oil phase,
oil viscosity is reduced. This mechanism may be important for heavy oil but
not for light oil. Experiments show that less soaking time leads to higher oil
recovery within the same operation time (Yu et al., 2016a), although longer
soaking time makes the oil recovery in a single cycle higher (Gamadi et al.,
2013; Yu and Sheng, 2015). Many simulation results show that without
soaking, the oil recovery is the highest with a fixed operation time (e.g.,
Li et al., 2016; Fragoso et al., 2018a). These imply that diffusion effect
cannot be significant in improving oil recovery. Experiments showed that
higher injection pressure resulted in miscibility and more oil could be pro-
duced (Li et al., 2017b). Next, solvent soaking mechanism is discussed in
more detail.

Hawthorne et al. (2013) believed that the flow in shale and tight reser-
voirs is dominated by the flow in fractures, and the oil displacement mech-
anisms in conventional reservoirs do not apply. Based on that, they proposed

Figure 2.39 Ratios of oil production from the huff-n-puff cases to that from non-huff-n-
puff case (Gala and Sharma, 2018).
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CO2-based EOR mechanistic processes, as explained in Fig. 2.40. These
processes are related to what occurs in a huff-n-puff process and are
reviewed here.

Hawthorne et al. (2013) used the experimental setup in Fig. 2.41 and
used very small rock samples to have conducted CO2 extraction experi-
ments. In their experiments, a small core plug was inside the vessel and there
is an empty space between the vessel wall and the plug, mimicking the flow
through fractures in fractured shale and tight reservoirs. Fig. 2.42 shows the
oil recovery of different molecular weight alkanes. It shows that there was no
apparent lag in oil recovery even in the first 10 min of exposure. This obser-
vation indicates that the mechanism in Step 2 in Fig. 2.40 that CO2 carries
oil into the matrix so that oil production is reduced in the early time
pressurization is not significant. Similarly, the absence of a very fast recovery
in the first few minutes indicates that the initial oil swelling is not a signifi-
cant recovery mechanism.

According to Step 3 in Fig. 2.40, oil swelling and lowered oil viscosity
caused by CO2 dissolution into the oil can likely enhance oil recovery.
Fig. 2.40 shows that lower-molecular weight oil had a higher recovery,

Figure 2.40 Conceptual steps for CO2 EOR in fractured shale and tight reservoirs (Haw-
thorne et al., 2013).
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indicating that mobilization of hydrocarbons into CO2, rather than
dissolution of CO2 into the bulk oil, is a dominant recovery process.
This could be due to solvation of oil into CO2 phase and/or generation
of a new “miscible” mixture of CO2 and oil because both processes favor
lighter oils.

The facts that the rock sample was so small, but the oil recovery process
took hours indicate that the mechanism in Step 4 in Fig. 2.40 that oil
concentration-gradient driven diffusion is very slow.

Alharthy et al. (2015) summarized the mechanisms in the extraction of
oil from tight matrix during the solvent soaking process: repressurization
(solution gas drive), viscosity and interfacial tension reduction through
oil swelling, wettability alteration, and relative permeability hysteresis.
By history matching soaking extraction experiments using numerical
models, they investigate the EOR roles of different mechanisms, as shown
in Fig. 2.43. It shows that the gravity only or gravity and diffusion only
plays a negligible role in hydrocarbon recovery; the pressure gradient

Figure 2.41 Schematic of a supercritical fluid extraction system. The supercritical fluid
(e.g., CO2) (red [light gray in print version]) is pumped to the extraction vessel where the
analytes (purple [dark gray in print version]) are extracted from the sample matrix
(brown [black in print version]). The analytes are then swept through the flow restrictor
into the collection device, and the depressurized supercritical fluid (now a gas, for most
fluids) is vented (Hawthorne, 1990).
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(shown in DARCY in the figure) from matrix to fractures combined grav-
ity plays an important role; inclusion of the gravity, pressure gradient, and
diffusion in the simulation model makes the experimental data matched.
They also showed the hydrocarbon recovery by solvent soaking with the
mixture of 85% C1 and 15% C2, and nitrogen. Their study shows that
the synergy between diffusion and pressure gradient plays the dominant
role in solvent soaking; the dominant mechanism is diffusive-advective

Figure 2.42 Oil recovery of different molecular weight alkanes under dynamic CO2

exposure at 5000 psi and 110�C from rock samples of the round rod geometry of
1 cm diameter and 4 cm length. The numbers in the legend represent the hydrocarbon
components, e.g., 7 represents C7; “total HC” represents the total hydrocarbon mass
recovered regardless of molecular weight (Hawthorne et al., 2013).
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mass transfer. However, in their field-scale simulation of real huff-n-puff
gas injection process, inclusion and without inclusion of molecular
diffusion do not lead to a significant difference in oil recovery (less
than 1%).

2.14 Gas penetration depth

It can be understood that gas penetration depth is critically important
to effective huff-n-puff gas injection. A high injection rate and the forma-
tion heterogeneity will promote gas fingering, resulting in a higher penetra-
tion depth. In the case of CO2 injection, it is easier to inject liquid CO2.
However, gaseous CO2 will penetrate deeper into formation. From this
point of view, preinjection of nitrogen or other dry gas to create a gas
network will help make the subsequent liquid CO2 penetrate deeper into
the reservoir.

Li et al. (2018) studied gas penetration by simulation. They first did
experiments using a core of 1.5 inches diameter which was saturated
with oil. Methane was used as the gas. One huff-n-puff cycle has
1 h of huff, 7 h of soaking, and 4 h of puff. They used a simulation model
to history match the experiment. Fig. 2.44 shows that methane mole frac-
tion in oil, C1oil. The model data indicated C1oil reached 0.525 inches
which was 70% of the core radius (0.75 inches) by the end of puff (1 h).
At this distance, C1oil is 0.1 which is an arbitrarily selected value. The
experiment indicates the penetration velocity was 1 inch per hour

Figure 2.42 Continued
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Figure 2.43 Hydrocarbon recovery by CO2 solvent soaking (simulation vs. experi-
ments), (A) from a Middle Bakken rock sample; (B) from a Lower Bakken rock sample
(Alharthy et al., 2015).
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(2 ft per day). This apparently fast penetration velocity may not be
extended to a large field scale. This figure also shows that methane did
penetrate fast in the first hour, but it did not penetrate further too much
toward the core center during the 7 h of soak. This observation implies
that long soaking is not effective in gas huff-n-puff in terms of gas diffusion
into the oil phase, which is consistent with the results by Sheng (2015d; Yu
et al., 2016a).

For a large-scale field model, injected gas may not penetrate uniformly
into the matrix as there are some natural and induced fractures, in addi-
tion to hydraulic fractures, as an example of CO2 mole fraction in oil
(CO2oil) is shown in Fig. 2.45. In such field model, the penetration depth
is defined as

X
VifiSoiyi¼AfD

P
fiViSoiP
fiVi

�
P

fiyiP
fiVi

(2.23)

In the above equation, the summations are carried over the block i where
gas mole fraction in oil (y) is above 0.4, V is the block volume, f is the
porosity, So is the oil saturation, Af is the fracture surface area, and D is
the penetration depth. Note y ¼ 0.4 is arbitrarily used because in a base field
model, the average y in the penetrated area is found as 0.4.

Based on the above definitions, for a field-scale model which was vali-
dated by Sheng (2017b), one cycle has 100-day huff time, 100-day puff
time, and no soaking time. In the model, the matrix permeability is 300
nD, the natural fracture spacing is 2.27 ft, and the induced fracture spacing
near the hydraulic fracture is 0.77 ft. The injected CO2 diffusion coefficients
in the oil phase and in the gas phase are 2.12e-6 cm2/s and 2e-5 cm2/s,

Figure 2.44 C1 mole fraction in oil phase (C1oil) during the injection time and soaking
time in the third cycle.
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respectively. The predicted gas penetration depth is shown in Fig. 2.46. At the
end of 100-day injection, the CO2 penetrates 105.6 ft (Li et al., 2018).

Li et al. (2018) did more sensitivities using the field-scale base model.
Interestingly, when the matrix permeability is increased from 300 nD to
3000 nD, the CO2 penetration depth is only increased from 105.6 ft to
106.5 ft. Fractures play a very important role. When the induced fracture
spacing is increased from 0.77 ft in the base model to 7.7 ft to no fracture,
the penetration depth is decreased from 105.6 ft to 68.7 ft to 0.31 ft. It is
expected that gas diffusion coefficient in the oil phase is very sensitive.
However, Sorensen et al. (2018) estimated that the CO2 penetration radius
may be 50-70 ft around the wellbore based on the amount of CO2

injected, the matrix porosity of 0.06-0.08 and CO2 saturation of 0.4-0.6,
for their field injection test in an unfractured vertical well. Their simulation
model estimated a maximum penetration depth of 140 ft in some layers.
Their model was a dual-porosity model with the matrix permeability being
in the order of microdarcies.

2.15 Field projects

Table 2.4 summarizes the field projects for huff-n-puff gas injection in
shale and tight reservoirs published so far. Field project with some detailed

Figure 2.45 Distribution of CO2oil in a field-scale model at the end of huff period.
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data are discussed. A performance summary is provided at the end of this
section.

2.15.1 CO2 huff-n-puff in Bakken formation, Elm Coulee field
Early in 2008 before the shale boom, a CO2 huff-n-puff injection pilot was
conducted in the Elm Coulee field in the Bakken formation in the North
Dakota part (Hoffman and Evans, 2016). No injectivity problem was
observed, with injection rate being 1 MMSCF/day at the injection pressure
of 2000e3000 psi. Having 30 days of injection, the pilot showed little to no
rate increase.

2.15.2 CO2 huff-n-puff in Burning Tree-State No. 36-2H well
in the Montana part of Bakken formation

Continental Resources, Enerplus, and XTO Energy jointly carried out CO2

huff-n-puff injection in the Burning Tree-State No. 36-2H well in Rich-
land County in the Montana part of the Bakken formation in early 2009.
The horizontal well was completed in the Middle Bakken and was stimu-
lated using single-stage hydraulic fracturing. During 45 days of injection
from January to February 2009, approximately 45 million cubic feet
(2570 tons) of CO2 were injected. The injection rate was 1.5e2
MMSCF/d at 2000e3000 psi. After that the well was soaked for 64 days
before production (Hoffman and Evans, 2016).
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Figure 2.46 CO2 penetration depth at different injection time in the first huff-n-puff
cycle.
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Table 2.4 Summary of field projects for huff-n-puff gas injection.
Start
year Field or shale Inj. Gas Huff, days

Soak,
days

Puff,
days

#
Wells

Injection rate and
pressure Performance References

2008 Elm Coulee,
Bakken, ND

CO2 30 1 1 MMSCF/d,
2000e3000 psi

Little or no oil
increase

Hoffman and Evans,
2016

2009 36-1H well,
Bakken, MT

CO2 45 64 1 1.5e2 MMSCF/d,
2000e3000 psi

Gas breakthrough Hoffman and Evans,
2016; Sorensen
and Hamling, 2016

2014 Bakken, ND CO2 20e30 20 Gas breakthrough at
900 ft away

Hoffman and Evans,
2016

2008 Farshall field,
Bakken, ND

CO2 11 1 Gas breakthrough in
11 days of injection,
oil rate increased

Sorensen and
Hamling, 2016

Eagle Ford, TX Methane 100 0 100 20% increase in oil
recovery for
114 months
(predicted)

Orozco et al., 2018

2012 Eagle Ford,
Gonzales, TX

lean gas 28e42 1 2e3 MMSCF/d,
6000 psi

Oil rate increased Hoffman, 2018

2015 Eagle Ford,
Gonzales, TX

lean gas? 4 Oil increased 17%
after 1.5 years

Hoffman, 2018

2015 Eagle Ford,
Gonzales, TX

lean gas? 6 Oil increased 20%
after 2.5 years

Hoffman, 2018

2015 Eagle Ford,
la Salle, TX

lean gas? 56e70, 28e42 60e90,
60

4 2e4 MMscf/d, below
fracture pressure

Oil rate doubled Hoffman, 2018

2015 Eagle Ford,
Atascosa, TX

rich gas 1 2.5 MMscf/d, below
fracture pressure

Hoffman, 2018

2015 Eagle Ford,
Atascosa, TX

rich gas 1 2.5 MMscf/d, below
fracture pressure

Hoffman, 2018

2016 Eagle Ford,
Gonzales, TX

lean gas? 32 Hoffman, 2018

2017 Middle Bakken CO2 3.2 14.6 45 minutes (?) 16-12 gallos/min.,
9400-9470 psi

CO2 preferentially
produced light oil

Sorensen et al., 2018



From January to March 2010, there was a gradual oil productivity in-
crease. The peak oil rate reached 44 bbl/d in March 2010 (a higher rate
than what was achieved during any of the 14 months immediately prior
to the injection test). However, the operator confirmed that the higher pro-
duction rate might be related to workover activities on the well as opposed
to delayed CO2 effects. Although the Burning Tree well did not see a dra-
matic production increase, CO2 was able to be injected (no injectivity issue)
(Sorensen and Hamling, 2016).

One reason for the poor performance in the above tests in Montana and
North Dakota could be the too short injection duration (45 and 30 days,
respectively). In the North Dakota test, CO2 broke through an offset well
about 5000 feet away in less than 2 weeks. This could be another reason
for the poor performance. The third reason may be too low injection pres-
sure (2000e3000 psi for both the tests).

2.15.3 Huff-n-puff CO2 injection in Parshall field
EOG conducted a CO2 injection test in NDIC 16713 in the Parshall field in
the Mountrail County in late 2008. A horizontal well was drilled into the
Middle Bakken and was completed using a six-stage hydraulic fracture treat-
ment. An estimated 30MMSCF of CO2 were injected using a huff-and-puff
approach. After 11 days of injection, CO2 broke through the offset well
NDIC 16768, located one mile west of the NDIC 16713. The oil rates
for the test well and offset wells increased after injection.

The Parshall field has a high degree of natural fracturing, and the high
mobility of CO2 in this fractured system indicates that conformance control
is likely a major factor in designing EOR operations. Of interest is the fact
that three other offset wells located within one mile of the injector did not
see CO2 breakthrough, suggesting that understanding the local natural frac-
ture system is key to EOR planning (Sorensen and Hamling, 2016).

2.15.4 Eagle Ford project in La Salle County, TX
Four wells are in huff-n-puff injection starting in 2015. Initially gas was
injected for 6 months to fill up the reservoir void. Then wells produced
for 2e3 months followed by 8e10 weeks. This pattern was repeated for
four cycles. After that, a shorter cycle of 4e6 weeks of injection and soak
time and 2 months of production was used. The average well oil rate
and the cumulative production within the lease are shown in Fig. 2.47.
The oil rate clearly shows the increase (about doubled) from huff-n-puff
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injection. The cumulative oil production in 6 years had been increased by
30%. Hoffman (2018) did a simple economic estimate. It was assumed
that the infrastructure/capital costs were $1 million per well that included
the installation costs, well workover, and other costs; the gas price was
$2.5/Mscf, and oil price was $50/bbl; the discount rate was 15%; the gas
used for the initial fill up was considered “purchased,” and 20% of the sub-
sequent gas injected was considered the gas cost because most of the injected
gas would be produced back; 10% of the amount of injected gas was needed
to operate the fired compressors. Under those assumptions, the pilot internal
rate of return was 17.7% and the payback was 2.3 years. This pilot project
appeared to be a little over breakeven.

Figure 2.47 Average well oil rate and the cumulative production within the pilot lease
(Hoffman, 2018).
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2.15.5 CO2 injection in an unfractured vertical well in the
Middle Bakken

In shale and tight reservoirs, fractured wells are commonly used. However,
fractured wells may induce small fractures to form a stimulated reservoir vol-
ume, which may complicate the study of CO2 diffusion in the matrix. The
heterogeneity of formation may leave a long horizontal well unideal well
type to study EOR mechanisms. To avoid these complexities, the Energy
and Environmental Research Center (EERC) and XTO Energy conducted
a pilot CO2 injection in an unfractured vertical well in one virgin Middle
Bakken area (Sorensen et al., 2018). The well name is Knutson-Were 34-
3WIW, North Dakota state well ID number 11413. First, a small scale pre-
test was carried out on April 3, 2017. 16 tons of CO2 was injected enough to
infill the tubing and build pressure on the perforations. When the pressure
was built to 9113 psi that was higher than the reservoir pressure of 8668
psi, the upper packed that isolated the injection zone failed. CO2 did not
enter the formation. After the packer was repaired, the well was swabbed
and 62 barrels of fluid was produced. After swabbing, the bottom-hole pres-
sure (BHP) was about 7500 psi. Then a main test was initialed at 7 pmMDT
(Mountain Daylight Time) on June 24, 2017 and concluded at 5 am June
28, 2017. Total 98.9 tons of CO2 were injected for about 3.2 days. On
June 27, the well was shut in for a about 5 hours to run a pressure falloff test.

After the injection was ended on June 28, the well was shut in for soak-
ing until it was opened on July 7 (about 9 days of shut in). At this time, the
BHP was 8740 psi close to the early reservoir pressure. After opening the
well, gas flowed 8.5 hours, essentially CO2 from the tubing with some traces
of hydrocarbons in the last 2 hours. The BHP dropped to 100 psi. Those
data indicated that a significant amount of injected CO2 was voided from
the reservoir. Because the well could not sustain flow, the well was put
back to shut in for another 6 days until July 13. The total soak time was
about 13.6 days. The BHP was built up to 3116 psi, which might result
from the reservoir oil migration to the near wellbore zone. After the well
was open and produced a mix of CO2 and hydrocarbon gas for 10.5 hours,
some oil started to flow to the surface at a rate of about one eighth of a barrel
per minute. By that time, the BHP was decreased to 1890 psi that was below
the saturation pressure. Within 45 minutes of flow, 9 barrels of oil was pro-
duced. Analysis of produced oil compositions shows that the oil composition
produced after CO2 injection was lighter than that before.
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2.15.6 Summary of gas huff-n-puff performance
Overall, some learnings from those gas huff-n-puff pilots presented above
may be summarized in the following.
• Gas injectivity did not seem to be a problem.
• Gas breakthrough was observed in some projects. The success of a project

required the confinement of the injection pattern.
• Later projects performed better than the earlier one.
• Tens of CO2 huff-n-puff field tests including some large-scale field

projects have been carried out in Chinese low-permeability sandstone
reservoirs. Most of those tests were claimed to be successful. Some tests
were in tight oil reservoirs.

• One of the important economic parameters is gas utilization factor. The
above projects did not report this data. In conventional reservoirs, the
CO2 utilization factors reported are 1.3 MSCF/bbl (Thomas and
Monger-McClure, 1991), and 0.3e10 MSCF/bbl for light oils and
5e22 MSCF/bbl for heavy oils (Mohammed-Singh et al., 2006). For
shale reservoirs, Gamadi et al.’s (2014a) simulation data showed to be
about 10 MSCF/bbl.
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CHAPTER THREE

Asphaltene precipitation and
deposition in a huff-n-puff
process

Abstract

Asphaltene precipitation and deposition may cause formation damage in conventional
reservoirs. In shale and tight reservoirs, pore and throat sizes are smaller than those in
conventional reservoirs. This problem could be more serious in shale and tight reser-
voirs. This chapter is dedicated to the asphaltene precipitation and deposition in a
huff-n-puff process. Experimental results and numerical analysis are presented. The
mechanisms of asphaltene deposition are discussed. Effect of asphaltene deposition
on huff-n-puff optimization is also discussed.

Keywords: Asphaltene precipitation; asphaltene deposition; formation damage; pore
throat.

3.1 Introduction

It has been reported that asphaltene precipitation and deposition may
cause formation damage in conventional reservoirs. In shale and tight reser-
voirs, pore and throat sizes are smaller than those in conventional reservoirs.
This problem could be more serious in shale and tight reservoirs. From
another angle, huff-n-puff has been found to an effective EOR method.
This chapter is dedicated to the asphaltene precipitation and deposition in
a huff-n-puff process. Experimental results and numerical analysis are
presented.

3.2 Experiments of asphaltene precipitation and
permeability reduction

Maroudas (1996) found that particles with a size greater than 1/3 of
the size of a pore or a throat would block the pore or the throat. It was found
that if the 1/7 rule was used, oil recovery was improved. Ershaghi et al.
(1986) suggested to use the more stringent 1/7 rule. The known 1/3-1/7
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rule-of-thumb was used in the industry. Partz et al. (1989) evaluated this
rule-of-thumb.

To study the asphaltene precipitation, Shen and Sheng (2016) first
measured the asphaltene sizes under CH4 and CO2 injection. The dead
oil sample from a Wolfcamp shale reservoir was used. The viscosity was
3.66 cP and the density was 0.794 g/cm3. The experimental setup is shown
in Fig. 3.1. It mainly consisted of a reservoir cylinder, a filter cylinder, and a

Figure 3.1 Schematic to measure asphaltene particle sizes.
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filtrate cylinder. The reservoir cylinder is a 400 mL stainless steel core holder
to store the dead crude oil and injected gas. Three stacks of nanomembranes
of 200, 100, and 30 nm were placed from the top to the bottom in the filter
cylinder, and they are supported by a stainless-steel frame. The filtrated
crude oil was deposited in the filtrate cylinder.

The apparatus was designed to study the effect of gas concentration on
asphaltene precipitation. For each test, 200 mL of oil was poured into the
reservoir cylinder. Then the gas cylinder was connected to the reservoir cyl-
inder, and the oil was saturated at a constant pressure. The pressure was
maintained for 8 h for equilibrium. The dissolved gas mole fraction at
each pressure was obtained from the gas solubility curve obtained prior to
the experiment. The filter cylinder and filtrate cylinder were precharged
with the gas at a pressure of 50 psi lower than that in the reservoir cylinder
using a back-pressure regulator to let the crude oil go through the mem-
branes. Then hot heptane was injected into the reservoir cylinder and forced
through the membranes to wash away the oil left in the membrane and in
the system, as asphaltene does not dissolve in heptane. This washing process
was continued until heptane collected from the outlet of filtrate cylinder was
clean. The amount of asphaltene precipitated on each membrane was
measured using a modified IP143 standard test method (Muhammad
et al., 2003).

Fig. 3.2 shows the total amount of precipitated asphaltene at different
injected CO2 and CH4 concentrations. The total amount of precipitated

Figure 3.2 Total amount of precipitated asphaltene content at different injected CO2

and CH4 concentrations.
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asphaltene content is the sum of the amount of asphaltene precipitated on
each membrane. It shows that with the increase in injected gas concentra-
tion, more asphaltene precipitated. It seems that the precipitated asphaltene
content for the Wolfcamp shale oil was very low.

Fig. 3.3 shows the fraction of amount of precipitated asphaltene on each
of the membranes over total amount of precipitated asphaltene. In the filtra-
tion process, the crude oil flowed through the 200 nm membrane firstly,
then through 100 nm of the membrane, and finally through 30 nm of the
membrane. Asphaltene particles with a size larger than 200 nm could not
go through the membrane of a 200 nm pore size. This part of asphaltene
particles would precipitate on the 200 nm membrane. Asphaltene particles
of a size smaller than 200 nm but larger than 100 nm could pass through
the 200 nm membrane but would precipitate on the 100 nm membrane.
Thus, the asphaltene that precipitated on 200 nm, 100 nm, and 30 nm
membranes had the sizes >200 nm, 100 w 200 nm, and 30w 100 nm,
respectively. The amount of asphaltene precipitation on the 200 nm mem-
brane increased along with the increment of injected gas concentration,
which indicated that the injected gas helped asphaltene form larger aggre-
gates. CO2 had a stronger effect on increasing the asphaltene aggregation
size than CH4.

The above data show that more than half of asphaltene aggregates had
the sizes larger than 30 nm. However, the pore throats of several shale cores
shown in Fig. 3.4 suggest that majority of pore throat sizes were smaller than
30 nm. According to the 1/3-1/7 rule of thumb, asphaltene aggregates
cannot flow through these shales. Fortunately, the asphaltene contents
shown in Fig. 3.3 were very low. In other words, asphaltene content was

Figure 3.3 Fractions of asphaltene precipitation on each membrane during (A) CO2

and (B) CH4 injection.
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very low, although the asphaltene aggregates were large, the resulting
formation damage may not be serious. Next, we will study the degree of for-
mation of damage during huff-n-puff gas injection.

Shen and Sheng (2017a) compared the pore size distributions (PSD) before
and after huff-n-puff CO2 injection. The PSD was measured by mercury
injection. The Wolfcamp oil was used for EF#1 and EF#2 cores. For the
comparative purpose, the mineral oil decane was also used for EF#5 core.
Decane did not have asphaltene. Six cycles of huff-n-puff CO2 injection
were carried out. Fig. 3.5 shows the log differential pore volume (dv/dlogD)
versus pore diameter (D). It gives the distribution of pore throats with
different diameters in the tested core samples. The peak of such plot indicates
the dominant pore size range. The peak of EF#1 lies in the range from 0.0036
to 0.020 mm (red), and the peak of EF#2 lied from 0.02 to 0.10 mm (dot light
blue) before huff-n-puff. After huff-n-puff, the pore throats of EF#1 (solid
blue) had higher peaks in small diameter ranges, but lower peaks in larger
diameter ranges. The PSD curve for EF#2 (dotted orange) shifted left from
0.05 to 0.7 mm after huff-n-puff, indicating the pore throats becoming
smaller. For EF#5 core, the peak of the PSD curve lies from 0.10 to 1 mm
before (light green) and after (light purple) huff-n-puff, because the mineral
oil decane did not have asphaltene. The above results become more obvious
when the histogram and accumulative percentage of the PSD versus pore
throat diameter are plotted, as shown in Figs. 3.6e3.8, respectively for
EF#1, EF#2, and EF#5.

Two more cores EF#3 and EF#4 were used to compare the perme-
ability before and after huff-n-puff CO2 injection. For the huff and puff
injection, the huff pressure was 8.27 MPa, the soaking time was 6 h, and

Figure 3.4 Pore throat size distribution for several shale cores.
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Figure 3.6 PSD for EF#1 core before and after huff and puff CO2 injection.

Figure 3.5 PSD of tested core samples before and after CO2 huff and puff injection.
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Figure 3.7 PSD for EF#2 core before and after huff and puff CO2 injection.

Figure 3.8 PSD for EF#5 core before and after huff and puff CO2 injection.
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the puff time was 18 h. The whole injection process is performed isother-
mally at 21�C. Before the huff and puff injection, EF#3 and EF#4 were
saturated with Wolfcamp oil and decane, respectively. Their measured per-
meabilities were 126 nD and 86.7 nD for EF#3 and EF#4, respectively.
After six cycles of huff and puff injection, their remeasured permeabilities
were 78.5 nD and 81.7 nD for EF#3 and EF#4, respectively. The perme-
ability for EF#3 usingWolfcamp oil was decreased by 47.5 nD after huff and
puff injection, while the permeability for EF#4 using decane was almost
unchanged, as shown in Fig. 3.9.

The permeability reduction is consistent with the changed PSD. After
asphaltene deposits onto the rock surface, the pores become smaller or
blocked. Behbahani et al. (2013) found that 60%e80% of the total damage
by asphaltene deposition was caused by mechanical plugging that was recov-
ered by cyclohexane reverse flooding; 20%e40% by adsorption that was
recovered by toluene reverse flooding, but the recovery process took a
long time. In another experimental study, Behbahani et al. (2015) observed
that the carbonate cores experienced more particle plugging compared to
the sandstone cores. In carbonate, the inner surfaces of a core contain
more polar groups that can exert polar interactions with asphaltene surface
group (Hamadou et al., 2008), which results in a high adsorption rate. In
low permeability cores such as carbonate, the plugging mechanism acts

Figure 3.9 Comparison of permeability before and after huff and puff injection.
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like a snowball growth. The complete plugging could happen after a contin-
uous asphaltene adsorption. In shale, clay is a polar component. A higher
adsorption rate would be expected. And nanometer pores may lead to the
snowball growth of asphaltene to plug the pores. It needs to be mentioned
that the Wolfcamp shale oil used in this study was dead oil. Permeability
reduction by asphaltene deposition for live reservoir fluid flooding was
found higher than that for dead oil flooding (Behbahani et al., 2015).

3.3 Deposition mechanisms

In another study, Shen and Sheng (2017b) conducted experiments to
quantify the asphaltene deposition mechanisms during CO2 huff-n-puff
injection in an Eagle Ford shale core using Wolfcamp shale oil. After six
cycles of CO2 huff-n-puff were completed, a piece of core of 0.9 cm length
was cut from the core plug using hacksaw for the n-heptane and toluene
reverse flooding tests. These tests were used to measure permeability. The
schematic of the flooding system is shown in Fig. 3.10. A shorter piece of
core was used instead of the whole core to shorten the flooding test time.

Firstly, the n-heptane was injected at 0.01 cc/min by using the combi-
nation of two syringe pumps so that the n-heptane injection could be
continued until a stable differential pressure between the two ends of the
core sample was reached. Alternatively, a Quizix pump could replace two
syringe pumps for continuous pumping. The first period of the n-heptane
reverse flooding lasted for around 3000 min until the differential pressure
between the two ends of the core sample became stable (see Fig. 3.11).

Figure 3.10 Schematic of the core flooding system.
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The stabilized differential pressure was 2.69 MPa (390 psia). Given that the
viscosity of n-heptane at 2.69 MPa (390 psia) at room temperature is
0.399 cP (Sagdeev et al., 2013; Zhang and Liu, 1991), the permeability
was calculated to be 198.8 nD using Darcy’s Law. This permeability is
considered the permeability with adsorption but without entrainment
because the entrainment of asphaltene particles only occurs when the inter-
stitial velocity is higher than a critical velocity (Behbahani et al., 2012; Beh-
bahani et al., 2015; Bolouri et al., 2013; Wang et al., 1999), and n-heptane
cannot dissolve asphaltene. This rate of 0.01 cc/min was considered below
the critical velocity, as the differential pressure was not significantly reduced
as the flood continued. The higher pressure drop in the early time was
caused by the existence of residual oil of higher viscosity.

To quantify the effect of entrainment (mechanical plugging) of asphaltene
particles, the flow rate of n-heptane injection was increased from 0.01 to
0.05 cc/min. The differential pressure increased fast first owing to the
increased rate, but it decreased later indicating the removal of asphaltene plug-
ging. The flow rate of 0.05 cc/min was approximately equivalent to
0.0008 cm/s for this core plug. This velocity was considered above the critical
velocity, as the plugging was removed at this velocity. Using the stable differ-
ential pressure at around 7000 min and the viscosity of n-heptane of 0.427 cP
at 9.24 MPa (1340 psia) at room temperature (Sagdeev et al., 2013; Zhang

Figure 3.11 History of differential pressure between the two ends of core sample dur-
ing the n-heptane reverse flooding.
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and Liu, 1991), the permeability was calculated to be 309.7 nD by Darcy’s
equation. Thus, the permeability reduction caused by asphaltene mechanical
plugging during huff-n-puff CO2 injection was 110.9 nD (309.7e198.8).

Since toluene could dissolve asphaltene, the deposited asphaltene by the
adsorption mechanism might be removed by toluene reverse flooding. After
the n-heptane reverse flooding, toluene reverse flooding was carried at
0.05 cc/min continuously until a stable differential pressure was reached
(see Fig. 3.12).

The stable differential pressure was 12.3 MPa (1785 psia). Using the
viscosity of toluene of 0.617 cP at 12.3 MPa (1785 psia) at room temperature
(Krall et al., 1992), the estimated permeability was 332.9 nD. After the
n-heptane and toluene reverse flooding, asphaltene deposition by both me-
chanical plugging and adsorption mechanisms might be removed. The total
permeability reduction by the asphaltene deposition was 134.1 nD
(332.9e198.8). Among the total reduction, 110.9 nD (309.7e198.8) was
caused by the mechanical plugging mechanism (83%) and 23.2 nD
(332.9e309.7) was caused by the adsorption mechanism (17%). Based on
the above discussions, formation damage caused by asphaltene mechanical
plugging can be alleviated by a huff-n-puff process (back and forth flow).

3.4 Numerical analysis

Shen and Sheng (2018) did a further numerical simulation study.
Asphaltene precipitation and deposition processes were simulated using

Figure 3.12 History of the differential pressure between the two ends of the core sam-
ple during the toluene reverse flooding.
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respective Winprop and GEM simulators developed by Computer
Modeling Group.

The Winprop simulator uses the asphaltene precipitation model pro-
posed by Nghiem et al. (1993). The model splits the heaviest component
into two components: the nonprecipitating component and precipitating
component. The two components have the same critical properties and
acentric factors but different interaction coefficients with light components.
The precipitating component has relatively larger interaction coefficients
with light components, which leads to greater incompatibility between
the precipitating component and the light components. As a result, the
precipitating component will transfer to a solid phase, and thus precipitate.
The nonprecipitating component includes heavy paraffin, resins, asphal-
tene/resin micelles that will not dissociate. The precipitating component
is asphaltenes and asphaltene/resin micelles that could dissociate and precip-
itate. The precipitating asphaltene component in crude oil is considered as a
pure dense phase which can either be a liquid or solid. This phase is referred
to as the asphalt phase.

Shen and Sheng (2018) lumped together 24 components of an oil into
five pseudocomponents: C3�4, C5�8, C9�19, C20�40, C41þ. The heavy
precipitating component was C41�asphaltene. The interaction coefficients of
the split precipitating asphaltene component with the light components
and the molar volume of asphaltene phase were tuned to match the asphal-
tene precipitation data from the model with the experimental data. The
tuned parameters are listed in Table 3.1. The predicted asphaltene precipi-
tation data and the experimental data are compared in Fig. 3.13. The molar
volume of precipitating asphaltene component was tuned to be 0.92 L/mol.

The GEM simulator uses the asphaltene deposition model developed by
Wang et al. (1999):

vEA

vt
¼aCAf� bEAðvL � vLcÞ þ guLCA (3.1)

The first term on the right side of the above equation is the surface depo-
sition. a is the surface deposition rate coefficient that should be a positive

Table 3.1 Binary interaction coefficients between asphaltene component and other
components used in the precipitation model.
Components CO2 CH4 C3L4 C5L8 C9L19 C20L40 C41D C41�asphaltene

C41�asphaltene 0.27 0.2 0.2 0.04 0 0 0 0
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constant and is dependent on the rock type.CA is the precipitated asphaltene
concentration in the liquid phase and f is the local porosity. The second
term is the entrainment of asphaltene deposition. b is the entrainment rate
coefficient, EA is the fractional pore volume occupied by the asphaltene
deposition, vL is the interstitial velocity, and vLc is the critical interstitial
velocity. The third term represents the pore throat plugging rate. g is the
plugging deposition rate coefficient, uL is the superficial Darcy velocity.
The entrainment of asphaltene will occur when vL is higher than vLc; other-
wise the entrainment rate will be set to zero. The term g is defined as

g¼gið1þ sEAÞ; when Dpt � Dptc (3.2)

g¼ 0; when Dpt � Dptc (3.3)

where gi is the rate coefficient for instantaneous plugging deposition, s is the
deposition constant for the snowball effect, Dpt is the average pore throat
diameter, Dptc is the critical pore throat diameter. If Dpt is smaller than Dptcr,
the pore throat plugging caused deposition will occur. The local porosity
after asphaltene deposition is calculated by

f ¼ f0 � EA (3.4)

where f0 is the initial porosity. The flow resistance factor is calculated by the
Kozeny-Carman type formula. The calculation of resistance factor is done
recursively for time step. The current permeability is equal to the original
permeability divided by the resistance factor calculated in the current time
step.

In the GEM simulator, the asphaltene deposition is controlled by five
parameters: a, b, vLc, gi, and s. The five parameters were tuned to match

Figure 3.13 Comparison of Winprop predicted asphaltene precipitation with experi-
mental data.
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the experimental permeability reduction data in the first cycle and the last
cycle. Their values are presented in Table 3.2.

Note that the entrainment of asphaltene deposition is not enabled in the
model (b ¼ 0). The high content of polar clay in shale strongly attracts polar
functional groups in asphaltene molecules, resulting in strong asphaltene
adsorption and making the entrainment more difficult. Wang et al. (1999)
and Behbahani et al. (2015) showed that the critical interstitial velocity for
entrainment was 0.01 to 0.04 cm/s in sandstone and carbonate. The critical
velocity in shale is expected to be high. The maximum velocity is in the or-
der of 10�5 cm/s in the model of this study. Then it is not possible that the
critical velocity in shale can be exceeded. Therefore, the entrainment which
causes mechanical plugging can be disabled. However, it was shown earlier
that a higher percentage of permeability reduction data was caused by me-
chanical plugging. The mechanisms and the quantification of asphaltene
deposition in huff-n-puff need more work.

Using the asphaltene model described above and a core-scale grid model,
the oil recovery factor of a huff-n-puff CO2 injection experiment can be
matched with oil and gas relative permeabilities tuned, as shown in
Fig. 3.14. It shows that without asphaltene deposition, the oil recovery
can be increased by 3.5% over 15.5%.

Now we choose Block (11,1,12) that is 0.16 cm away from the interface
between the core plug and the annual space. CO2 is injected, and oil and
CO2 are produced through the annual space. Refer to Fig. 3.15 for the his-
tories of CO2 mole fraction, precipitated and deposited asphaltene in block
(11,1,12). First, look at the CO2 global (total) mole fraction (dashed blue
curve). It increases during the huff and soaking period (6 h) and decreases
during the puff period (18 h). For the asphaltene precipitation (solid green
curve), during the injection and soaking time, as more CO2 diffuses into
this block, more asphaltene precipitates. However, as more CO2 diffuses
into the inner blocks, asphaltene precipitation decreases. There is a peak dur-
ing this period. During the puff period, initially more oil flows into this
block from the inner block and oil flows out of this block to the outer block.
Because the inner block has a higher oil saturation or higher asphaltene con-
tent, the net asphaltene precipitation increases first, then decreases. There is a

Table 3.2 Tuned parameters of the asphaltene deposition model.
Parameters a, 1/day b, 1/ft vLc, ft/day gi, 1/ft s, [-]

Value 1800 0 0 15 30
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small peak. At later cycles, because less oil flows into this block, and oil flows
slower, the asphaltene precipitation show-up in this block delays the puff
period. And the peaks become lower and lower with cycle.

For the asphaltene deposition (dotted red curve), more and more asphaltene
deposits with cycle in this block. In other words, asphaltene deposition ac-
cumulates in this block. The asphaltene precipitation and deposition in
different blocks may change differently. How they change depends on the
net changes of CO2, oil, and asphaltene content in the oil.

3.5 Effect of asphaltene deposition on huff-n-puff
optimization

Asphaltene deposition is affected by pressure. The huff-n-puff perfor-
mance strongly depends on the optimization of huff pressure, puff pressure,
huff time, and puff time. Sheng (2017) proposed that a huff-n-puff should be
optimized so that the huff time should be long enough for the pressure near
the wellbore to reach the set maximum injection pressure, and the puff time
should be long enough for the pressure near the wellbore to reach the set
minimum production pressure. In other words, to improve or optimize

Figure 3.14 Comparison of the predicted oil recovery with experimental data.
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Figure 3.15 Histories of CO2 mole fraction, precipitated and deposited asphaltene in
Block (11,1,12).
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oil recovery, a maximum allowable huff pressure should be used and a min-
imum allowable puff pressure should be used. Shen and Sheng (2019) stud-
ied how asphaltene deposition affects this optimization principle by
simulation, as briefly presented below.

The basic reservoir grid model from Sheng (2017) is used. The PVT and
compositional data of a live oil sample reported by Ashoori and Balavi (2014)
are used. They measured the amount of asphaltene precipitation during pri-
mary depletion and CO2 injection process. Shen and Sheng (2019) used a
CMG PVT simulator, Winprop, to match the asphaltene precipitation
data. The asphaltene deposition model described in the preceding section
is used. For the base model, during the primary depletion of 1800 days,
the bottom hole pressure is 1000 psi. During the huff-n-puff CO2 injection,
the puff pressure is 8000 psi, and the puff pressure is 1000 psi. The huff time
and puff time are set to 100 days without a soaking time. The oil recovery
factors from this base case with and without including asphaltene deposition
are shown in Fig. 3.16. During the primary depletion, the oil recovery fac-
tors from the two cases are very close, no CO2 is injected, and asphaltene
deposition is insignificant. At the end of huff-n-puff CO2 injection of
5600 days, the asphaltene deposition reduces 3.25% oil recovery. The simu-
lation is repeated and the reductions in oil recovery factors caused by asphal-
tene deposition are shown in Fig. 3.17, when the huff pressures are 7000,

Figure 3.16 Oil recovery factors with and without including asphaltene deposition.
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6000, and 5000 psi. It shows that as the huff pressure is increased, the reduc-
tion in oil recovery is higher. It implies that a lower huff pressure should be
used to decrease the effect of asphaltene deposition. However, Fig. 3.18
shows that the oil recovery factor at a higher huff pressure is still higher
than that at a lower huff pressure, even asphaltene deposition is included
in the simulation. It means that the negative effect of asphaltene deposition
on oil recovery is less than the positive effect of higher pressure. Then a
higher huff pressure should be chosen to improve oil recovery. This conclu-
sion is drawn when asphaltene is not taken into account (Gamadi et al.,
2013; Yu et al., 2016a; Li et al., 2018).

Similarly, Fig. 3.19 shows that as the puff pressure is decreased, the
reduction in oil recovery by asphaltene deposition is higher. However,
Fig. 3.20 shows that the oil recovery factor at a lower puff pressure is still
higher than that at a higher puff pressure, when asphaltene deposition is
included in the simulation. The negative effect of asphaltene deposition
on oil recovery is less than the positive effect of lower puff pressure. There-
fore, a lower puff pressure should be chosen to improve oil recovery. This
conclusion is drawn when asphaltene is not taken into account (Sheng
and Chen, 2014; Sheng, 2015b; Sanchez-Rivera et al., 2015).

Figure 3.17 Reductions by asphaltene deposition in oil recovery factor at different huff
pressures.
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Figure 3.18 Oil recovery factors at different huff pressures with asphaltene deposition
included.

Figure 3.19 Reductions by asphaltene deposition in oil recovery factor at different puff
pressures.
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The above results show that the conclusions about choosing a higher huff
pressure and a lower puff pressure to improve oil recovery remain the same,
regardless whether asphaltene deposition is considered or not.

Figure 3.20 Oil recovery factors at different puff pressures with asphaltene deposition
included.
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CHAPTER FOUR

Huff-n-puff injection in shale gas
condensate reservoirs

Abstract

This chapter discusses huff-n-puff gas injection in shale and tight gas condensate oil
reservoirs. Huff-n-puff gas injection is compared with gas flooding in terms of their po-
tential to enhance liquid recovery and remove liquid blockage. Huff-n-puff gas injection
is also compared with huff-n-puff solvent injection in core scale and field scale. The sol-
vents are methanol and isopropanol. The capacity of surfactants to remove liquid
blockage is also studied. Factors that affect huff-n-puff gas injection performance are
discussed. Mechanisms of huff-n-puff injection are discussed. Optimization of huff-n-
puff injection is proposed.

Keywords: Gas condensate; Gas flooding; Huff-n-puff; Liquid blockage; Liquid recovery;
Solvents; Surfactants.

4.1 Introduction

To understand the problem and solution of a gas condensate reservoir,
first look at the phase diagram of a gas condensate (Fig. 4.1). When a gas
condensate reservoir is produced, the pressure near the production well is
depleted along the path 1 to 5 at the initial reservoir temperature. The
pressure initially is at point 1 at the initial reservoir pressure. When the
pressure is decreased at point 2 (dew point), some heavy components in
the gas phase start to condense. From point 2 to point 3, more condensation
occurs, and at point 3, the liquid condensate reaches the maximum between
15 and 20 shown in the figure. From point 3 to point 4, the liquid
condensate starts to vaporize, and the vaporization is completed at point 5
(back to the dew point). At this point, the fluid becomes gas again. Because
some pressure is needed to produce the well, the pressure near the bottom of
the well cannot be as low as the pressure at point 5. Thus, some liquid
condensate forms from the bottom of wellbore to some distance deep
into the reservoir, as shown in Fig. 4.2. From this figure, it is obvious that
the liquid condensate blocks the gas flow into the wellbore. As liquid is
more difficult to flow than gas, the wellbore productivity is reduced.
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Even worse, some immobile liquid condensate accumulates near the
wellbore, permanently blocking gas flow. This is the formation damage
that forms near a typical gas condensate well. In shale and tight reservoirs,
this formation damage zone is much larger owing to the ultralow
permeability. Since the liquid condensate is composed of heavy hydro-
carbon components, it has a great energy value. Therefore, the liquid
condensate should be produced for the energy value; after it is produced,
the formation damage is removed, and gas productivity can be restored.
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Figure 4.1 Phase diagram of a gas condensate. Modified from McCain (1989).
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Figure 4.2 Gas and liquid condensate distribution when the near-wellbore pressure is
below the dew point pressure (Al-Yami et al., 2013).
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From the above discussion of the problem, one easy way is to increase
the pressure near the wellbore or in the reservoir above the dew point
pressure by gas and/or water flooding (Hernandez et al., 1999). Surfactants
may be injected to reduce interfacial tension or alter wettability so that
residual liquid oil saturation is reduced (Kumar et al., 2006; Ahmadi et al.,
2011; Ganjdanesh et al. (2015). Solvents may be injected to mitigate the
impact of liquid blockage (Al-Anazi et al., 2005; Sayed and
Al-Munstasheri, 2014). These methods have been proposed for conven-
tional reservoirs. This chapter proposes huff-n-puff gas injection in shale
and tight reservoirs to mitigate the liquid condensate blocking. The method
is compared with solvent injection and surfactant treatment.

4.2 Experimental setup

Fig. 4.3 is a general experimental setup for flooding and huff-n-puff.
During the huff (injection) period, a single-phase gas condensate is injected
from Accumulator 2 into the two ends of core through Valves C, A, and B.
During the puff period, the valve G for Accumulator 2 and Valve F for
Accumulator 1 are closed, the valve E for the back-pressure regulator is
open, and Valves A, B, C, and H are open. The flowback fluid is stored
in Accumulator 3. The core is placed inside a CT scanner. The average

Figure 4.3 A general experimental setup for flooding and huff-n-puff.
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liquid oil saturation in the core is calculated using CT numbers following
Eq. 2.11, and the liquid condensate oil recovery factor can be calculated
by Eq. 2.12.

For a flooding mode, first a condensate saturation is established. Valve C
is closed. Valves A and B are open, but Valves E, F, and H are closed initially.
The core is saturated by a gas condensate at a set pressure above a dew point
pressure by opening Valve G. Then open Valves E and H at a pressure lower
than the dew point pressure, some condensate forms in the core. Then
increase the syringe pump rate at a set pressure higher than the earlier
pressure, making the pressure in the core higher but the pressure at the
exit end near Valve A lower than the dew point pressure. By doing so,
the liquid condensate in the core is reduced. The average liquid oil
saturation and the oil recovery in the core are calculated using CT numbers
following the method for huff-n-puff.

4.3 Huff-n-puff gas injection

Meng et al. (2017) did huff-n-puff experiments. An Eagle Ford
outcrop core of 1.5 inches in diameter and 4 inches in length was
used. The porosity was 6.8% and the permeability was 100 nD. To make
experiment easier to run and analyze, a synthetic gas condensate of
0.85 mol fraction of methane and 0.15 mol fraction of n-butane was
used. Its phase diagram is shown in Fig. 4.4. The experiment was conducted
at the room temperature of 68�F. The liquid drop of this mixture at this
temperature is shown in Fig. 4.5. The dew point pressure of this gas
condensate mixture at 68�F is 1860 psi. Thus, the initial pressure of the
mixture was set 2200 psi at the Accumulator 2 but the injection pressure
was set 1900 psi. The injection and soaking time was 30 min. After that,
the back-pressure regulator was set 1460 psi (below the dew point pressure
of 1860 psi). Valves B, A, E, and H were open while other valves were
closed. The core was depleted at 1460 psi from both ends of the core for
30 min. This was one cycle. After that, gas mixture was injected from
Accumulator 2 again followed by depletion to Accumulator 3 again. This
process is repeated for 5 cycles. The liquid condensate saturation was
measured by CT numbers which were obtained the end of every puff
period. The condensate recovery was calculated by CT numbers.

As shown in Fig. 4.6, the condensate saturation after the primary
depletion was 10%, and it was 9.1% at the end of the first puff process.
The saturations at the end of remaining cycles are shown in the figure.
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The condensate recovery was calculated by Eq. 2.12, as shown in Fig. 4.7. It
shows that the 25% of condensate was recovered after 5 cycles of huff-n-puff
methane injection. A numerical simulation model was able to match the
experimental data by tuning relative permeabilities.

Figure 4.4 Phase diagram of the methane-n-butane mixture.

Figure 4.5 Liquid dropout curve of the methane-n-butane mixture.
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4.4 Huff-n-puff versus gas flooding

As described earlier in Section 4.2, gas flooding can be performed
using the experimental setup in Fig. 4.3 to increase the core pressure so
that the liquid drop can be reduced. Under the same injection pressure
and outlet pressure as those in the huff-n-puff experiment described in
the last section, the condensate recovery is shown in Fig. 4.8 with the
predicted performance from a numerical simulation model.

Figure 4.6 Condensate saturation at every cycle.

Figure 4.7 Condensate recovery at every cycle.
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For the huff-n-puff experiment, one cycle took 30 min of injection
(puff) and soaking time and 30 min of production (puff) time, totaling
1 h. One cycle lasted 1 h, and total five cycles took 5 h. Thus, the conden-
sate recovery can also be plotted in terms of experimental time (similar to the
operation time in a field project). The condensate recovery from the huff-n-
puff injection and the flooding is compared in Fig. 4.9. For the same period
of 5 h, the condensate recovery was increased by 23.3% by huff-n-puff gas
injection; but it was increased by 18.6% by gas flooding. This comparison
showed outperformance of huff-n-puff gas injection over gas flooding.
For huff-n-puff gas injection, the pressure near the well dropped and is
depleted during the puff period; during the huff period, the pressure can

Figure 4.8 Condensate recovery during a gas flooding experiment.

Figure 4.9 Performance comparison of huff-n-puff with gas flooding.
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quickly be increased because gas is injected in the same low-pressure zone.
In other words, the pressure can be effectively increased. As the pressure is
increased, revaporization occurs. However, in the flooding mode, it takes a
long time for the pressure to transmit from the injection side to the produc-
tion side because of ultralow permeability.

Sheng (2015b) used a reservoir model to compare huff-n-puff gas injec-
tion with gas flooding. Orangi et al.’s (2011) gas condensate composition
was used. The dew point pressure is 3988 psi. The matrix permeability is
100 nD. The huff time and puff time are 100 days, and no soaking time is
used. The cumulative liquid oil produced from huff-n-puff and methane
flooding is shown in Fig. 4.10. It shows that more oil is produced from
huff-n-puff methane injection. The performance data are shown in
Table 4.1. It shows that the huff-n-puff injection produces 8.7% higher
liquid oil than the gas flooding. In the table, the net gas produced is the total
gas produced minus total gas injected in the huff-n-puff. Both gas and oil
produced are higher in the huff-n-puff injection. The revenue from oil
and gas production in the huff-n-puff case is also higher than that from
the gas flooding. The oil price of $100/STB and the gas selling price of
$4/MSCF are used in the calculation. The difference in capital investment
and facility and operation costs are not included. A discount rate is not taken
into account. If a discount rate is considered, the performance of huff-n-puff
will look even better than that of gas flooding, as the former liquid oil is
produced in the earlier time, as shown in Fig. 4.10.

Figure 4.10 Cumulative oil production from methane flooding and huff-n-puff
injection.
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In the simulation models, Block (10,28,4) is a neighbor block to the
fracture block where the huff-n-puff well is in the huff-n-puff mode; Block
(21,28,4) is a neighbor block to the fracture block where the production
well is in the flooding mode. Fig. 4.11 shows that the oil saturation in Block
(10,28,4) in the huff-n-puff mode quickly decreases to almost zero. In the
primary and gas flooding modes, the oil saturations in Blocks (10,28,4)
and (21,28,4) remain high. Note the oil saturation in the gas flooding
mode starts to build up near year 2023 because the oil bank reaches the

Table 4.1 Performance comparison of different scenarios (100 nD).
Primary Gas flooding (A) Huff-n-puff (B) Ratio (B/A)

Total gas produced
(MMSCF)

357.01 275.43 3133.7 11.38

Gas injected (MMSCF) 0 216.36 3008.3 13.90
Net gas produced
(MMSCF)

357.01 59.07 125.4 2.12

Oil produced (MSTB) 30.385 36.5 46.666 1.28
Oil recovery factor (%) 26 31.23 39.93 1.28
Value of produced oil
and gas (MM$)

4.46654 3.88628 5.1682 1.33

Figure 4.11 Block oil saturations near the well fracture blocks during the primary pro-
duction, gas flooding and huff-n-puff gas injection.
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producing fracture. In the gas huff-n-puff mode, the oil saturation at Block
(10,28,4) shoots up at the first huff because oil in the producing fracture
block (11,28,4) is displaced to this block.

Fig. 4.12 shows the pressure and oil saturation at Block (10,28,4) near the
producing fracture in the huff-n-puff mode. It shows that when the pressure
increases during the huff period, the oil saturation decreases almost to zero,
as oil is vaporized and flows with the gas stream, or some oil is displaced to
the producing fracture; when the pressure is decreased during the puff
period, the oil saturation is increased because of condensation or some oil
from the deep matrix flows into the block.

In conventional reservoirs, generally gas is flooded to maintain a high
reservoir pressure so that less condensate will occur (Thomas et al., 1995).
In shale or tight gas condensate reservoirs, for example, when the matrix
permeability of 100 nD in this studied model, higher liquid saturation occurs
at the producing fracture, because the pressure there is low (about 500 psi),
although the pressure in the injection fracture is 9500 psi, as shown in the
left-hand side of Fig. 4.13. The pressure near the injection side cannot prop-
agate to the production side in the lowmatrix permeability reservoir. For the
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Figure 4.12 Pressure and oil saturation at Block (10,28,4) near the producing fracture in
the gas huff-n-puff mode.
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comparison, the right-hand side of Fig. 4.13 shows the pressure distribution
when the matrix permeability is simply increased to 0.1 mD. The pressure in
the injection fracture is about 1000 psi higher than that in the production
fracture. In other words, the pressure does not decrease significantly from
the injection side to the production side. Note that in the 0.1 mD case,
the pressure near the injector cannot be built up to 9500 psi, because the
pressure is able to dissipate to the production end. If the injection rate is
increased, the pressure in the injection is increased to about 9500 psi, then
the pressure in the production side will be about 8500 psi. Then no liquid
will be condensed. That is why gas flooding will eliminate or mitigate the
liquid dropout problem in a reasonably high permeability reservoir.

To further demonstrate that huff-n-puff injection is preferred in a shale
reservoir of very low permeability than gas flooding, the performance in a
higher matrix permeability reservoir of 0.1 mD is compared in Table 4.2.
It shows that the oil recovery factor from gas flooding is 14.12% higher
than that from huff-n-puff, opposite to the 100 nD case shown in Table 4.1.
The revenues from produced oil and gas from gas flooding are also higher
than those from huff-n-puff.

4.5 Core-scale modeling of gas and solvent
performance

As mentioned earlier, solvents may also be injected to mitigate conden-
sate blocking. Different gases may be used as well. Sharma and Sheng (2017,

Figure 4.13 Pressure distributions at the end of 10 year of gas flooding for two
reservoirs of 100 nD and 0.1 mD matrix permeability.
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2018) compared the performance of gases (methane and ethane) with that
of solvents (methanol and isopropanol). Their approach was to analyze simu-
lation results both in core-scale and in reservoir-scale. The core-scale model
was validated by history-matching an experiment published by Al-Anazi
(2003). The reservoir-scale model was built based on the core-scale para-
meters which were calibrated from history-matching the experiment. One
key step is to calibrate the core-scale model which is presented next.

Al-Anazi (2003) used a Texas Cream Limestone core to conduct an
experiment for gas condensate accumulation and methanol treatment
(Experiment 17 in his dissertation). The core was 1 inch in diameter and
8 inches in length. Its permeability was 3.15 mD. The porosity was 0.2.
The gas condensate mixture (Fluid A) had 0.8 C1, 0.15 C4, 0.038 C7, and
0.012 C10 (mole fraction). The experimental temperature was 145�F. The
dew point pressure was about 2795 psi. There was no initial water saturation
in the experiment. During the experiment, the upstream injection pressure
was at 3000 psi, and the downstream (outlet) pressure was at 1200 psi. The
flow rate was 2 cc/h. His experimental data are shown in Fig. 4.14 as dot
points. Two simulation models (in the solid blue line by Rai (2003) and
in the solid thick red curve by Sharma and Sheng (2017) predicted the
experimental trend.

Note that the model predictions and the experimental data were not well
matched. The experimental data showed that as more gas was injected,
initially the pressure drop increased owing to condensate accumulation;
but when the injection volume was at about 2 pore volumes, the pressure

Table 4.2 Performance comparison of different scenarios (0.1 mD).

Primary
Gas
flooding (A)

Gas
huff-n-puff (B) Ratio (B/A)

Total gas produced
(MMSCF)

427.22 7491.5 3989.4 0.53

Gas injected
(MMSCF)

0 7200 3600 0.50

Net gas produced
(MMSCF)

427.22 291.5 389.4 1.34

Oil produced
(MSTB)

55.046 111.36 83.167 0.75

Oil recovery factor (%) 47.1 95.28 71.16 0.75
Value of produced oil
and gas (MM$)

7.21348 12.302 9.8743 0.80
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drop decreased. This observation was not seen in Al-Anazi’s (2003) other
experiments. Neither Rai’s (2003) model nor Sharma and Sheng’s (2017)
model was able to capture this phenomenon. An alternative experiment
should have been simulated. However, it is important for a simulation
model to match the steady state pressure across the core with respect to
the injected pore volume when the two-phase flow of gas and condensate
was established. The experiment simulated was the only one of a low
flow rate in which a steady-state flow was achieved. For other high rate
experiments, it was observed that some of the accumulated condensate
was stripped and carried because of the velocity effect. As a result, when
the flow rate was increased, the measured pressure drop actually decreased,
and a large pore volume of gas condensate had to be flooded to achieve a
steady state flow (Al-Anazi, 2003). A simulation model cannot predict
such trend.

Using the above described one-dimensional model, Sharma and Sheng
(2017) compared the performance of methane, ethane, and solvent
methanol. Huff-n-puff injection tests are run for 130 days. The injection
pressure and the puff pressure are 2850 psi and 1200 psi, respectively.
When the pressure at Block (4,1,1) (total 24 blocks in the core) reaches
2850 psi, the huff is changed to the puff period.

Figure 4.14 Coreflood experimental data of gas condensate fluid and two model
predictions.
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Because different gases or solvents produce different compositions, to
evaluate their performance, the total produced hydrocarbon at different
times should be compared. Such recovery factor (RF) is defined:

ðTotal hydrocarbons produced after primary� total production of the injected fluidÞ in BOE
ðtotal hydrocrbons in place at the end of primary depletion in BOEÞ

Total hydrocarbons include methane, butane, heptane, and decane.
Note that the unit of barrels of oil equivalent (BOE) is used. The volumes
used for calculations are at the standard condition of 14.7 psi and 60�F. The
BOE volume at the end of primary depletion is taken as the base volume to
calculate the recovery factor. 1 BOE ¼ 5800 SCF gas.

Since no ethane and solvent is in the original fluid (Fluid A), the
produced compositions are from the injected fluid. For methane, the total
production volume of the injected methane is equal to the total injected
volume minus the additional methane volume in the core that is the remain-
ing volume in the core minus the methane volume in the core at the end of
primary depletion. The total hydrocarbon recovery factors from different
gases and solvent are shown in Fig. 4.15. Note that the time in the horizontal
axis is huff-n-puff time (excluding the primary depletion time). It shows that
ethane produces the highest recovery of the total hydrocarbon volume in
BOE based on the hydrocarbons in place at the end of primary depletion,

Figure 4.15 Total hydrocarbon recovery factors in different huff-n-puff time.
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with the recovery factor of 54% followed by 25.1% from methanol injection
and 18.4% from methane.

However, different volumes of gases and solvent are injected during the
same huff-n-puff time. Fig. 4.16 shows the total hydrocarbon recovery
factors versus their injection pore volumes. It shows that their performances
rank the same as those in terms of huff-n-puff time. Further for a proper
comparison, their difference costs should be taken into account. Fig. 4.17
compares their performances in terms of costs. When calculating the cost,
these prices are used: $3.17/Mscf for methane, $0.88/gal. for methanol,
$1.35/gal. for isopropanol, and $4.15/Mscf for ethane according to
McGuire et al. (2016). Because it is a small core scale, the absolute costs
are low. These costs should be interpreted at their relative values.

The above comparisons are based on the total hydrocarbons, and the
performances are ranked as ethane, methanol, methane. To understand their
EOR mechanisms, the recovery factors of individual components should be
compared. Fig. 4.18 shows that methanol has good recoveries for methane
and butane, but not as good for heptane and decane. The injected methane
hardly produces the original methane (0.2%, not visible in the figure).
In other words, the produced methane is almost the same amount as the
injected methane. But methane recovers higher volumes of butane, heptane,
and decane than methanol. Since the condensate dropouts in the core are

Figure 4.16 Total hydrocarbon recovery factors in different injected pore volume.
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C4, C7, and C10 components, methane is more effective than the methanol
to recover the condensate. This is more obvious in Fig. 4.19 which shows
the recovery factors of the intermediate and heavy components (excluding
methane). Methane and ethane perform better than methanol.

Figure 4.17 Total hydrocarbon recovery factors in terms of their costs.

Figure 4.18 Individual hydrocarbon recovery factors from methane, ethane, and
methanol.

96 Enhanced Oil Recovery in Shale and Tight Reservoirs



Sharma and Sheng (2017) also compared the performances of gases
(methane and ethane) and solvents (methanol and isopropyl alcohol
(commonly called isopropanol)) to recover Fluid B. Fluid B is composed
of 0.81 mol fraction C1, 0.05 C4, 0.06 C7, and 0.08 C10, richer than Fluid
A. There is 25% initial water saturation in the experiment. The experimental
temperature is 300�F. Overall, the isopropanol (IPA) performance is similar
to the methanol performance, with the former a little bit better than the
latter with higher cost. As IPA is heavy than methanol, IPA outperforms
methanol to recover heavy condensates. The ranking of these four gases
and solvents from high to low recovery factors is ethane, methane, IPA,
and methanol.

Generally, it is easier for gases to penetrate the liquid condensate, and
liquid solvents are more likely to solubilize the condensate. Since ethane
mixes with the condensate, it is difficult to split the produced condensate
and ethane in laboratory experiments. Simulation work proves that ethane
is the best injection fluid in recovering the total hydrocarbon in place.
It revaporizes condensate and reduces the dew point pressure of initial
reservoir fluid. Its supercritical fluid properties enable it to recover high
volumes of the total hydrocarbon fluid in place for relatively small volumes
of injection.

Figure 4.19 Recovery factors of total hydrocarbons except methane from methane,
ethane, and methanol.
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With richer compositions of a reservoir fluid, the performance difference
in gas and solvent huff-n-puff is magnified, with significantly higher
recovery factors from methane and ethane injection. Solvents recover
intermediate fluids really well and can be competitive with gas huff-
n-puff for lean gas condensate fluids. Isopropanol is a better solvent than
methanol for recovering heavier components; however, higher costs may
not favor its application.

4.6 Reservoir-scale modeling of gas and solvent
performance

The preceding section is based on core-scale modeling. This section
focuses on reservoir-scale modeling. The grid blocks of the reservoir-scale
model are shown in Fig. 4.20. The matrix permeability is 304 nD,
and the porosity is 5.6%. The fracture spacing is 2.27 ft in the non-SRV
(stimulated reservoir volume) zone and 0.77 ft in the SRV zone. For
more details, refer to Sheng et al. (2016).

Figure 4.20 Reservoir-scale grid model based on Sheng et al. (2016).
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Fluid B described in the preceding section is used in the model; the bi-
nary interaction parameters among components are from Bang et al. (2010).
The initial reservoir pressure is 7800 psi. The reservoir is under 5 years of
primary depletion before huff-n-puff. During the huff-n-puff injection,
the injection pressure is 7800 psi which is above the dew point pressure.
When the pressure in the well block (2,16,1) adjacent to the hydraulic frac-
ture reaches the injection pressure of 7800 psi, the operation is switched to
the puff period. The puff pressure is 1200 psi. When the pressure at the
Block (2,16,1) approximately reaches 1200 psi, operation is switched back
to the huff period again. Such process is repeated for 10,585 days or 29 years.
For gases, the huff time is 175 days and the puff time is 920 days. For meth-
anol, the huff time is 575 days and the puff time is 1500 days. For isopropa-
nol, the huff time is 775 days and the puff time is 1750 days. No soaking time
is used.

In this section, the recovery factor (RF) in % at any time is calculated us-
ing this equation:

RF¼
�
Total original hydrocarbon moles in placeeremaining total hydrocarbon moles in place

Total original hydrocarbon moles in place

�
*100

Using moles of components makes the RF independent of the reservoir
or surface pressure and temperature conditions. The recovery factors for
different gases and solvents are shown in Fig. 4.21. Similar to those results

Figure 4.21 Total hydrocarbon recovery factors versus time from different operation
schemes.
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in the core-scale, ethane provides the highest recovery; the RFs from
methanol and IPA are similar and close to that from no huff-n-puff; the
RF from methane is the lowest. Part of the reasons for the lowest recovery
can be better explained from the individual RFs later. Similar results are
obtained when the total hydrocarbon recovery factors are plotted again
the BOE volumes injected (Fig. 4.22).

The RF for an individual component follows the above equation except
that “total hydrocarbon moles” is replaced by “total component i moles.”
Component i can be methane, butane, heptane, or decane. The component
moles in the oil and gas phases are added together. The RFs of individual
components are shown in Fig. 4.23. It can be seen that methane performs
almost as well as ethane to recover condensate components (butane,
heptane, and decane), but RF of methane is the lowest. The lowest recovery
is because the RF definition excludes the remaining methane. Part of the
remaining methane may be from the injected methane. But the RFs of
other components do not have their own components injected and thus
no exclusion is in their RF calculation. Apparently, this definition of RF
is not perfect. But the earlier definition in the preceding section seems to
have the effect. The objective to inject a gas or solvent is to recover
condensate components. We need to pay attention to those recoveries
when evaluating the recovery performance. Also note that methane

Figure 4.22 Total hydrocarbon recovery factors versus injected BOE volume from
different operation schemes.
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injection recovers more methane than the solvents and butane similar to the
solvents.

To include the effect of total injection volume and its cost, the recovery
factors are corrected (called corrected recovery factor, RFc). It is defined as:

RFc ¼ RF
ðUnit volume cost of fluid*Total volume of fluid injectedÞ

%
$MM

The unit volume costs of the injection fluids are listed in the preceding
section. This defined RF is only used to compare the relative economic
performance. The corrected recovery factors for different gases and solvents
are shown in Fig. 4.24. Gases outperform solvents. Although the corrected
recovery factors for the two gases decrease with time, the corrected recovery
factors for solvents stay relatively flat.

4.7 A field case of methanol injection

Hatter’s Pond gas field had permeability of 2e6 mD, and porosity of
12%e15%. The dew point pressure was 3030 psi which was higher than
the initial reservoir pressure of 2700 psi and the well flowing pressure of
2000 psi. The liquid dropout at 2000 psi was 33%. Such rich gas made a
studied well production rate gradually decrease from 2.7 MMscf/d gas and

Figure 4.23 Total individual hydrocarbon recovery factors from different operation
schemes.
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348 bbl/d condensate to 0.25 MMscf/d and 87 bbl/d, respectively. The
production decline might be caused by water-base-mud filtrates, completion
fluids, and condensate blanking. Well tests estimated permeability of 0.039
mD and a total skin of 0.68.

The well was treated by bull heading 1000 bbl methanol down the
tubing at a rate of 5e8 bbl/min. After the treatment, the well production
increased from 0.25 to 0.5 MMscf/d gas, and 87 to 157 bbl/d condensate.
Although the permeability was almost unchanged, the total skin improved
from 0.68 to 1.9, indicating wellbore damages were removed by the
methanol. This production rates increased in 2 for 4 months and 50% there-
after (Al-Anazi et al., 2005).

4.8 Surfactant treatment

The principle of using surfactants to treat condensate blocked wells is
wettability alteration of a strongly oil wet formation to a preferential gas wet
formation (Li and Firoozabadi, 2000). Application of a nonionic fluorinated
polymeric surfactant in sandstone cores has shown to increase both the gas
and condensate relative permeabilities by a factor of 2 to 3 (Kumar et al.,
2006). Their surfactant solution was prepared in a methanol-water mixture.
A fluorinated surfactant was prepared in a mixture of isopropanol and
propylene glycol (Bang et al., 2008) and in a 2-butoxyethanol-ethanol
mixture (Bang, 2007). When the surfactant treated sand-filled propped
fractures, relative permeability of gas was improved by the order of

Figure 4.24 Corrected recovery factors from different operation schemes.
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1.5e2.5 (Bang et al., 2008). When a surfactant was used to treat reservoir
and outcrop sandstone rocks, the relative permeability of the gas condensate
at a connate water saturation was improved by a factor of 2 (Bang et al.,
2009, 2010). The improvement remained after a large pore volume of the
gas-condensate flood. However, Ahmadi et al. (2011) found that a
polyamine primer preflush was necessary to make fluorinated chemicals
durable. Karandish et al. (2015) used an anionic fluorosurfactant mixture
to have altered the Sarkhun carbonate cores from water-wet to intermediate
gas-wet. Their gas relative permeability was improved by 1.7 times.

Li et al. (2011) treated tight cores with the permeability less than 0.1 mD
using a fluorocarbon surfactant. Water and decane imbibition tests were
conducted to demonstrate wettability alteration from water wet to gas wet.

Sharma et al. (2018) treated Eagle Ford outcrop cores using a fluoro-
carbon surfactant. The porosity ranged from 8% to 9% and the permeability
ranged between 700 nD to 900 nD. A gas-condensate mixture of 0.85 mol
fraction methane and 0.15 mol fraction n-butane was used as a reservoir
fluid. Its phase properties are presented earlier in this chapter. In this section,
the experiments were carried at the room temperature of 74�F at which the
dew point pressure of the fluid was 1870 psi. The maximum liquid dropout
was 6.5% at 1500 psi. The nonionic fluorinated surfactant with 95%
additives was used in experiments. Its fluoroalkyl group provided the oil-
and water-repelling characteristics, resulting in gas wetting, while the
alkylene oxide head group associated with the rock surface by hydrogen
bonding caused by adsorption. The solution was prepared by diluting the
2 wt.% surfactant, 94 wt.% methanol, and 4 wt.% deionized water.
The contact angle measurements for the treated cores showed significant
wettability alteration to preferentially gas wetting. The water/air/rock con-
tact angle increased from 60� to 80�, and the n-decane/air/rock contact
angle increased from 0� to 60�.The experimental setup is shown in Fig. 4.3.

To perform a huff-n-puff experiment to remove condensate blockage, a
condensate banking needed to be established. The core was first saturated
with the single-phase gas-condensate mixture. Then the outlet A was set
at 1500 psi at which the maximum liquid dropout occurred. The gas
mixture was continuously flooded through the other end of the core B, until
the average CT number did not change, indicating a steady flow through
the core. Then the condensate saturation gradually decreased from the
maximum at the outlet B to zero at some distance from the inlet B. Such
condensate saturation represented a real liquid saturation profile from a
well to some point in the reservoir.
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For the purpose of comparison, methane huff-n-puff injection was
performed. During a huff period, gas (methane) was injected into the
core through the valve A (with B and C) closed for 30 min at 2000 psi
which was higher than the dew point pressure. During a puff period,
the core was depleted through A as well to the BPR for 30 min. No
soaking time was applied. The CT number was recorded at the end of
puff period. The liquid saturation in the core was calculated accordingly.
The cycle was repeated 5 times. Within these 5 cycles, the condensate
saturation was reduced from 0.2745 to 0.0957, resulting in 65.14% liquid
recovery factor.

During a huff period of surfactant solution injection, the surfactant solu-
tion was injected into a core in 2.5 h at 2000 psi through the valve A with B
and C closed. After that, the surfactant solution could not be further injected
because of the low compressibility. And it was difficult to flow back because
of the higher liquid viscosity and low shale permeability. As a result,
only one cycle of surfactant huff-n-puff injection was performed in the
experiment. The condensate saturation was reduced from 0.225 to 0.2218
with 1.42% liquid recovery factor. Note that any condensate whose
saturation was lower than a critical condensate saturation could not be
recovered by huff-n-puff surfactant injection. Injected surfactant could
only change rock wettability to preferentially gas welling so that gas and
liquid condensate relative permeabilities might be improved. One problem
is that the radius or penetration of the surfactant treatment during huff-n-
puff injection was small. Compared with methane huff-n-puff injection
(65.14% RF), the RF from surfactant huff-n-puff (1.42% � 5 ¼ 7.1%)
was about 10 times lower, even assuming 5 cycles had been able to be
performed. Methane injection could have the revaporization mechanism
which could recover liquid condensate both at higher and lower the critical
condensate saturation. Note that the two cores in the two experiments were
from the same Eagle Ford outcrop.

To further evaluate the feasibility of surfactant huff-n-puff injection, sur-
factant durability and economics were studied. The surfactant adsorption
increased almost linearly with pore volumes injected. It reached 6.1 mg/
g rock after 14 pore volume injection. The data indicates that the adsorption
could be very high as a high pore volume of surfactant solution is injected
because shale and tight rocks have a high surface area. Our laboratory
experience revealed that it was difficult to change wettability using this
surfactant after more than 15 pore volumes of flooding treatment (such
treatment is not feasible in real reservoirs).
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Earlier, huff-n-puff methane and methanol injection in shale gas-
condensate cores are compared. Because of the ease of methane injection
and flowback compared with methanol, methane injection is preferred to
methanol injection. This surfactant is solubilized in the solution which
consists of 94% methanol. Obviously, this surfactant cannot be more
economic than methane injection.

4.9 Factors that affect huff-n-puff gas injection
performance

To better understand the mechanisms and optimization of huff-n-puff
gas injection, several relevant factors that affect the performance are discussed
in this section. These factors include initial reservoir pressure, huff pressure,
puff pressure, cycle time, soaking time, and CO2 gas component.

4.9.1 Effect of huff pressure
From Fig. 4.7, it can be seen that the first cycle produced the highest
condensate recovery. Meng et al. (2015a) found that higher injection
(huff) pressure resulted in higher condensate recovery; with the pressure
higher than the dew point, the effect of pressure became less significant,
as shown in Fig. 4.25. A gas condensate mixture of 85% methane and
15% butane was used in the experiment.

Figure 4.25 Effect of injection pressure on condensate recovery.
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Based on the base model described in Section 4.4, the dew point of the
gas condensate is 3988 psi, and the initial reservoir pressure is 9088 psi. In
principle, the huff pressure should not be higher than the initial reservoir
pressure to avoid fracture of the reservoir. Of course, it should be higher
than the dew point pressure. To test the effect of huff pressure, two huff
pressures of the initial reservoir pressure of 9088 psi and 5000 psi were
used. The results are presented in Table 4.3. It shows that for the huff pres-
sure of 9088 psi and 5000 psi, the incremental oil recovery of huff-n-puff
injection over primary depletion are 54% and 31%, and the incremental
revenues of produced oil and gas are 16% and �4%, respectively. These
results show that higher huff pressure is better.

4.9.2 Effect of puff pressure
To simplify the discussion of the effect of puff pressure, the puff pressure
should be below the dew point pressure (3988 psi w 4000 psi). Otherwise,
there is not liquid blockage issue. Table 4.4 shows that the gas produced in
the primary decreases with the puff pressure, because the production
drawdown becomes lower. However, the oil recovery increases with the

Table 4.4 Effect of puff pressure.
Puff pressure,
psi

Primary gas,
MMSCF

Primary oil,
MSTB

Huff-n-puff,
MSTB Inc. RF, %

500 357.01 26.00 39.93 53.6
1000 337.87 26.43 39.33 48.8
2000 285.84 27.97 38.81 38.7
4000 167.85 28.90 34.68 20.0
6000 85.13 15.27 25.32 65.8

Table 4.3 Effect of huff pressure.
Pi [ 9088 psi Pi [ 5000 psi

Primary
(PA)

H-n-P
(A)

(A-PA)/
PA

Primary
(PB)

H-n-P
(B)

(B-PB)/
PB

Net gas produced
(MMSCF)

357.01 125.40 �0.65 286.62 115.70 �0.60

Oil produced (MSTB) 30.39 46.67 0.54 17.83 23.42 0.31
Oil recovery factor (%) 26.00 39.93 0.54 19.00 24.91 0.31
Revenues of produced
oil and gas (MM$)

4.47 5.19 0.16 2.93 2.80 �0.04
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puff pressure because higher puff (production) pressure results in less liquid
oil dropout and then more oil produced.

For the huff-n-puff injection, the liquid oil produced decreases with the
puff pressure, indicating that the lower production drawdown is less beneficial
because less gas or energy is injected to boost the production of gas and liquid
condensate. Therefore, the incremental oil recovery of huff-n-puff injection
over the primary depletion decreases with the puff pressure.

To further discuss the effect of puff pressure, a case of 6000 psi puff
pressure is added in the table. The primary gas production, primary oil
production, and huff-n-puff oil production are all the lowest. This also
implies that wells in a gas condensate reservoir should be produced below
the dew point pressure.

4.9.3 Effect of cycle time
Table 4.5 shows the effect of cycle time. Here the cycle time is equal to the
huff time and the puff time. As the cycle is shorter, more net gas is produced.
However, the total liquid oil produced peaked at 100 days. The revenues
from produced oil and gas also peaked at 100 days, implying that produced
oil has higher economic value.

4.9.4 Effect of soak time
In Table 4.6, 100-0-100 means 100-day huff, 0-day soak, and 100-day puff.
The first number is the huff time, the middle soak time, and the last
puff time. The results show that when the first 100 days are split into 50-
day huff and 50-day soaking, oil recovery and the revenues from oil and
gas produced become lower, except the net gas produced. This means soak-
ing is not effective. The benefit of soaking is to facilitate the injected gas to

Table 4.5 Effect of cycle time.
200 d 100 d 50 d 25 d

Total gas produced
(MMSCF)

2232.2 3133.7 3783.1 3814.4

Gas injected (MMSCF) 2161.6 3008.3 3621.5 3572.0
Net gas produced
(MMSCF)

70.6 125.4 161.6 242.4

Oil produced (MSTB) 43.816 46.666 44.668 40.891
Oil recovery factor (%) 37.49 39.93 38.22 34.99
Revenues of produced
oil and gas (MM$)

4.664 5.1682 5.1132 5.0587
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diffuse into oil. However, every performance parameter is lower than the
case without soaking except net gas produced because of less gas injected.
This means soaking cannot add benefits. Such conclusion is supported by
Meng and Sheng’s (2016a) simulation results. In some cases where the
injection pressure is close to dew point pressure, soaking time propagates
the pressure deep into the reservoir, leaving the pressure near the producing
well or fracture below the dew point pressure, resulting in more condensate
formation.

When soaking time is added, diffusion should be implemented in
the model, which is done in the case of 50-50-100 þ diffusion. By adding
diffusion, every parameter is slightly improved except gas injected.
The improvements shown in the column of “Diffusion effect, %” are
marginal. That could be a reason that the effect of soaking time is not
significant. The Sigmund (1976) method is used to calculate the molecular
binary diffusion coefficients between components in the mixture.

4.9.5 CO2 injection performance
CO2 EOR is very interesting, and many studies have been conducted. And
it is believed that CO2 performs better than dry gas injection. However,
Table 4.7 shows that oil recovery factor from C1 injection is higher than
CO2. This is because the injected C1 volume is higher than the CO2

volume, as the well injection is controlled by the same injection pressure.
In another simulation study, Sheng et al. (2016) compared huff-n-puff

performance from C1, CO2, and N2. The oil recovery from the CO2

injection is little higher than that from the C1 injection, but it is much higher
than that from the N2 injection. The lower oil recovery in the N2 injection

Table 4.6 Effect of soak time.

100-0-100
50-50-
100

50-50-
100D diffusion

Diffusion
effect, %

Total gas produced
(MMSCF)

3133.7 2017.9 2028.2 0.5

Gas injected (MMSCF) 3008.3 1798.2 1790.3 �0.4
Net gas produced
(MMSCF)

125.4 219.7 237.9 8.3

Oil produced (MSTB) 46.666 40.582 40.92 0.8
Oil recovery factor (%) 39.93 34.72 35.012 0.8
Revenues of produced
oil and gas (MM$)

5.1682 4.937 5.0436 2.2
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is due to its high minimum miscible pressure. The effect of gas composition
in gas condensate reservoirs is complex. It depends on gas injectivity and gas
miscibility with the condensate. For shale oil reservoirs, the oil recovery by
CO2 injection is higher than that by C1 injection (Wan et al., 2014a).

4.10 Optimization of huff-n-puff injection

From the above discussion of factors that affect huff-n-puff injection,
we may have following designs to improve a huff-n-puff project in a
condensate reservoir:
• Maximum allowable huff pressure,
• Minimum allowable puff pressure,
• Zero soaking time.

Cycle time needs to be optimized. Meng and Sheng (2016a) simulated
the effect of injection time in a model of a single hydraulic fracture
of 724 ft. They assume the simulated area is 724 ft by 592 ft. The matrix
permeability is 100 nD. The puff time is 200 days. The dew point pressure is
2750 psi. The injection times of 10, 50, and 100 days are studied. Table 4.8
presents the results. From the point of view of oil production, longer injec-
tion is better. But the revenue from 50-day injection is the best.

Table 4.7 Huff-n-puff CO2 injection performance.
C1 CO2

Total gas produced
(MMSCF)

3133.2 2709.6

Gas injected (MMSCF) 3008.0 2626.0
Net gas produced
(MMSCF)

125.2 83.6

Oil recovery factor (%) 39.93 37.09

Table 4.8 Effect of injection time.
10 d 50 d 100 d

Total gas produced
(MMSCF)

315 381 407

Gas injected (MMSCF) 30 117 164
Net gas produced
(MMSCF)

285 264 243

Oil produced (MSTB) 12.933 14.113 14.678
Oil recovery factor (%) 13.3 14.5 15.1
Revenues of produced
oil and gas (MM$)

2.433 2.467 2.439
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The main condensate zone at the end of primary depletion is
encompassed by the red dotted lines in Fig. 4.26. When the injection
time is 10 days, the pressure in most of the zone is about 1500 psi. When
it is 50 days, the pressure in half of the zone is below 2000 psi. When it is
100 days, the pressure in the entire zone is about 2400 psi, then the average
pressure in the zone is close to the dew point of 2750 psi, and the oil recov-
ery is the highest. From this discussion, it seems that the required injection
time is so long that the pressure in the condensate zone should be above the
dew point pressure. The final injection time should be optimized by
economics, as long as injection requires more gas to be injected. In this
example, it is 50 days. We may extend this statement more generally: the
huff-n-puff injection should be optimized so that the pressure in the main
condensate zone at the end of injection should be above the dew point
pressure.

If a long puff time is used, less cycles will be needed for a fixed project
time, less gas volume is injected, and more production time is obtained.
Based on the above simulation model, Meng and Sheng (2016a) further
studied the effect of puff time. They extended the puff time from 200 to
400 days with 50 days of puff time unchanged. They found the oil recovery
factors for the two cases are almost the same, but the incremental revenues
from the 400-day puff time case are more than two times those from the
200-day puff time case. The gas rate at the end of 200-day puff time is
38% of the rate in the beginning, while the gas rate at the end of 400-day
puff time is 10%. Therefore, they proposed that the puff time should be
determined so that the gas rate at the end of puff period should be 10% of
the gas rate in the beginning. We have to say this 10% is not a general
rule. A longer production is carried out at a relatively low pressure (energy)
mode, which may not be optimal.

4.11 Mechanisms of huff-n-puff injection

Energy supply or pressure maintenance is probably the most impo-
rtant and obvious mechanism in huff-n-puff injection. Mechanisms
re-vaporization, solubilization and improved phase behavior are discussed
in this section.

4.10.1 Revaporization by gas
In Section 4.5, a one-dimensional simulation model is used to simulate gas
and solvent performance. Fig. 4.27 shows the changes in oil viscosity,
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Figure 4.26 Oil saturation at the end of primary depletion and pressure distributions at the end of first huff.
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pressure, and oil saturation at Block (10,1,1) for methane injection into a
core of Fluid A. Keep in mind that total 24 blocks are used in the model
with the huff-n-puff block in (1,1,1). On the pressure curve, every peak
represents the end of huff or injection period, and every trough represents
the end of puff or production period. Within a cycle of huff and puff, the
trend of oil saturation change is opposite the trend of pressure change.
In other words, when the pressure increases during the huff, the oil saturation
decreases because higher pressure vaporizes the oil (the dew point pressure is
2795 psi). Note that the oil saturation is below 0.2 in almost the entire huff-n-
puff process. The residual oil saturation in the model is 0.25. Therefore, the
oil saturation decreases because of vaporization. Overall, the oil saturation de-
creases with cycle, and the peaks of oil viscosity slightly increase with cycle.
The increase in oil viscosity with cycle is because light components are vapor-
ized preferentially in early cycles, resulting in heavy components remaining in
later cycles. Fig. 4.28 shows the mole fraction of butane at Block (10,1,1) de-
creases, while the mole fraction of decane increases with cycle. The discussion
here also reveals viscosity reduction may not be a dominant mechanism for a
low-viscosity condensate recovery.

Figure 4.27 Changes in oil viscosity, pressure, and oil saturation at Block (10,1,1) for
methane injection into a core of Fluid A.
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Meng and Sheng (2016b) did huff-n-puff experiments using a mixture of
15% butane and 85% methane. At the end of primary depletion, the butane
content in the produced stream was 2% (Fig. 4.29). It increased during the
first cycle because of revaporization as the pressure was increased. At later
cycles, it decreased as less butane was available and more methane flowed
into the production stream.

Figure 4.28 Component mole fractions at Block (10,1,1) for methane injection into a
core of Fluid A.
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Figure 4.29 Butane content after primary depletion and huff-n-puff cycles.
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4.10.2 Swelling by a solvent
Methanol can solubilize the liquid condensate and dissolve gas. Fig. 4.30
shows the oil volume in the model consistently increases with cycles.
Since oil is constantly produced, the original oil volume must decrease;
the increase in oil volume is due to methanol solubilization. The oil volume
in place is actually a mixture of solvent and hydrocarbons.

Although solvents displace some condensate near the wellbore, they also
occupy the space that is occupied by the condensate. Thus, they cannot
effectively increase gas permeability. However, they generally have lower
interfacial tension (IFT) with the condensate. It is easier for them to flow
back with the condensate with lower IFT. Solvents may also dissolve wax
or asphaltene blockage.

4.10.3 Changed phase behavior
Gases and solvent may convert a contacted condensate to a more volatile
fluid, reducing the dewpoint and liquid dropout. For example, when Fluid
A is added with 15% mole fraction of methane, ethane, propane, and CO2,
the dew point and dropout are reduced (Fig. 4.31). When methane or
ethane is injected, the dew point of the earlier mentioned Fluid B is reduced
(see Fig. 4.32).

Figure 4.30 Oil volume changes with time in huff-n-puff methanol injection.
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Figure 4.32 Reduction in dew point pressure in an SRV block after huff-n-puff ethane
or methane injection.

Figure 4.31 Reduced liquid dropout and dewpoint pressure of Fluid A when 15% gases
are added.
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CHAPTER FIVE

Optimization of huff-n-puff gas
injection in shale and tight oil
reservoirs

Abstract

This chapter is to discuss the optimum huff-n-puff times, number of cycles, and soaking
time under practical operational and reservoir conditions. The operational and reservoir
conditions dictate the maximum injection and production rates and the maximum
injection pressure and minimum production pressure. Optimization principles and
optimization criteria for huff-n-puff gas injection are proposed. It is also found that
the benefits of soaking may not compensate the loss in injection and production
due to the time lost in the soaking period. Therefore, soaking may not be necessary
during the huff-n-puff gas injection in shale and tight oil reservoirs.

Keywords: Huff-n-puff gas injection; Maximum injection pressure; Minimum production
pressure; Optimization criteria; Optimization principle; Soaking time.

5.1 Introduction

Since Wan et al. (2013a) proposed huff-n-puff gas injection to
improve oil recovery in shale and tight oil reservoirs, many papers have
been published on the subject, as reviewed by Sheng (2015d). However,
Chen et al. (2014) showed that the final recovery factor from huff-n-puff
CO2 injection is lower than that in the primary depletion because the
incremental oil recovery in the production stage is unable to compensate
the loss during the injection and shut-in stages. In their models, the
huff-n-puff time is from 300 to 1000 days; the bottom-hole injection
pressure is 4000 psi and the producing pressure is 3000 psi. Using his model,
Sheng (2015d) was able to repeat Chen et al.’s (2014) results (i.e., the
huff-n-puff oil recovery is lower than the primary oil recovery). However,
using the same model, by raising the injection pressure to 7000 psi,
Sheng (2015d) demonstrated that all the oil recovery factors from the
huff-n-puff process are higher than those from the primary depletion at
the end of 30, 50, and 70 years. In other words, Chen et al.‘s (2014) results
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are caused by the low injection pressure of 4000 psi. The initial reservoir
pressure is 6840 psi. Generally, we try to use a high injection pressure to
make the huff-n-puff more effective. This example shows that huff-n-puff
optimization is so important that without optimization, a wrong conclusion
about the effectiveness may be made. This chapter discusses the optimization
of huff-n-puff gas injection in shale oil reservoirs. Huff time, puff time, and
soaking time are investigated using simulation approach combined with
some laboratory results.

5.2 Setup of a base simulation model

Middle Bakken data were used to build a validated base model. The
compositional simulator GEM developed by Computer Modeling Group
(2014) is used. A horizontal well is fractured with 15 fractures. The model
has a half-fracture connected through a vertical well block (1,16,1). Then
the production data from this model represents the 30th of a horizontal
well production.

The schematic of the simulation model is shown in Fig. 5.1. Its dimen-
sions are 296.25 ft � 4724 ft� 5 ft. The stimulated reservoir volume (SRV)
has the fracture length of 724 ft in the J direction, the half-fracture spacing of
296.25 ft in the I direction, and 50 ft (formation thickness) in the K direc-
tion. The half-hydraulic fracture width is 0.5 ft. The detailed block sizes
of this base model are below.

The block sizes in feet in the I direction from I ¼ 1 to I ¼ 11 are:

The block sizes in feet in the J direction of total 31 blocks are:

One block is used in the K direction with its size 50 feet.
Table 5.1 summarizes the matrix and fracture property data in the

non-SRV and SRV regions in the Middle Bakken shale (Kurtoglu, 2013).

0.5 0.257312051 0.522150017 1.059571985 2.150134547 4.363156667 8.85392783
17.96681715 36.45913142 73.98462696 150.1331714

5*200 187.1636568 90.39505341 43.65839939 21.08584226 10.18389932 4.918551703
2.375529264 1.147317264 0.554123632 0.267626932 0.5 0.267626932
0.554123632 1.147317264 2.375529264 4.918551703 10.18389932 21.08584226
43.65839939 90.39505341 187.1636568 5*200
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The dual permeability model was used to simulate the matrix, natural frac-
tures and hydraulically stimulated reservoir volume. The shale matrix
permeability is 0.0003 mD. The natural fracture effective permeability is
0.0313 mD in the SRV and 0.00216 mD in the unstimulated reservoir
region.

The reservoir fluid composition and the Peng-Robinson EOS parame-
ters are from Yu et al. (2014b) as represented in Table 5.2. The binary

Figure 5.1 Schematic of the base model.

Table 5.1 Matrix and fracture properties.
Non-SRV SRV

Thickness, ft 50 50
Matrix permeability, mD 3.0E-04 3.0E-04
Matrix porosity, fraction 0.056 0.056
Fracture porosity, fraction 0.0022 0.0056
Fracture permeability, mD 2.16E-03 3.13E-02
Fracture spacing, ft 2.27 0.77
Hydraulic fracture porosity, fraction 0.9
Hydraulic fracture permeability, mD 100
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interaction coefficients are presented in Table 5.3. In Table 5.2, Pc, Tc, and
Vc are the critical pressure, critical temperature, and critical volume, respec-
tively, and MW means the molecular weight. The reservoir temperature is
245�F, and the initial reservoir pressure is 7800 psi. The initial water satura-
tion is 0.4. The history-matched relative permeabilities are shown in
Figs. 5.2 and 5.3.

Table 5.2 Peng-Robinson EOS fluid description of the Bakken oil.

Comp.

Initial
mole
fraction

Pc
(atm.) Tc (

o K) Vc, L/mol)
Acentric
factor

MW g/
mole

Parachor
coeff.

CO2 0.0001 72.80 304.2 0.0940 0.013 44.01 78.0
N2eC1 0.2203 45.24 189.7 0.0989 0.04 16.21 76.5
C2eC4 0.2063 43.49 412.5 0.2039 0.0986 44.79 150.5
C5eC7 0.1170 37.69 556.9 0.3324 0.1524 83.46 248.5
C8eC12 0.2815 31.04 667.5 0.4559 0.225 120.52 344.9
C13eC19 0.0940 19.29 673.8 0.7649 0.1848 220.34 570.1
C20þ 0.0808 15.38 792.4 1.2521 0.7527 321.52 905.7

Table 5.3 Binary interaction coefficients for Bakken oil.
CO2 N2eC1 C2eC4 C5eC7 C8eC12 C13eC19 C20D

CO2 0
N2eC1 0.1013 0
C2eC4 0.1317 0.013 0
C5eC7 0.1421 0.0358 0.0059 0
C8eC12 0.1501 0.0561 0.016 0.0025 0
C13eC19 0.1502 0.0976 0.0424 0.0172 0.0067 0
C20þ 0.1503 0.1449 0.0779 0.0427 0.0251 0.0061 0

Figure 5.2 Water and oil relative permeabilities.
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During history matching of 1.2 years of production, the oil rate history is
set in the model, the gas rate and well bottom-hole pressure data are matched
by adjusting model parameters. The simulated well bottom-hole pressure
(line) and the actual data (dotted points) are compared in Fig. 5.4.
They are reasonably matched. The oil rate is exactly matched because it is
input to the model. The gas rate from the model is lower than the actual
data, but it follows the same trend of actual data. We believe it is caused
by the imperfect representation of PVT data by the EOS model used.
Therefore, the model is reasonably calibrated.

5.3 Optimization principles

An objective function or parameter needs to be defined for
optimization. Although a net present value is a good parameter, many

Figure 5.3 Gas and oil relative permeabilities.

Figure 5.4 Well bottom-hole pressure (dot points are actual data, and line is simulated
data).
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parameters are needed such as equipment cost, operational cost, royalty tax,
and interest rate. These parameters are very case-specific. It will be very diffi-
cult to use this parameter to work out general optimization criteria. Alter-
natively, oil recovery factor is chosen as the objective function.

Compared with gas flooding, huff time, puff time, and soaking time are
important parameters. They are closely related to injection and production
pressures, and injection and production rates. First, pressures and rates are
addressed. As discussed in the preceding chapters, injection pressure should
be as high as possible. Generally, this pressure is set to be the initial reservoir
pressure which is 7800 psi in this model. A higher pressure may fracture the
reservoir. This is a typical practice for pressure maintenance. The maximum
injection rate for the whole fractured horizontal well is set to be 9 MMSCF/
D. For this model, we only simulate a half-fracture for a 15-stage well. Thus,
the maximum gas rate in the model is 300 MSCF/D. Sheng and Chen
(2014) showed that a higher oil recovery is obtained if a lower bottom-
hole flowing pressure (BHFP) is used, even though the flowing pressure is
lower than the bubble point pressure. Thus, the minimum bottom-hole
flowing pressure is set at 500 psi. The maximum producing oil rate is
1500 STB/D or 50 STB/D in the model. The maximum producing gas
rate is 9 MMSCF/D or 300 MSCF/D in the model. Before gas injection,
the primary depletion is extended from 1.2 years to about 3 years
(1000 days) at the minimum flowing pressure of 500 psi. Huff-n-puff
injection is continued until 10,950 days (total about 30 years). The injected
gas is methane.

5.4 Optimization criteria

Based on the above principles, optimum huff time, puff time, and
soaking time are determined, and the number of cycles is discussed.

5.4.1 Optimum huff time and puff time
In the literature, huff time, puff time, and soaking time in conventional and
tight field projects range from days, months, to years (Kurtoglu, 2013;
Shoaib and Hoffman, 2009; Wang et al., 2010). Oil recovery factors at
different huff and puff times are presented in Table 5.4. When the huff
time is increased from 100 days (Case H100P300) to 300 days
(Case H300P300) but the same puff time of 300 days is kept, the oil recovery
factor increases by 6.15% from 15.05% to 21.2%, indicating the oil recovery
is very sensitive to the huff time. Note in the case name H100P300, Hmeans
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huff and the following number represents the huff time in days; P means puff
and the following number presents the puff time in days. This naming
applies to the subsequent case numbers. The block pressures at block
(2,16,1) near the injection well at block (1,16,1) for 100 and 300 days of
huff time are shown in Fig. 5.5. It shows that the pressure for 100-day
huff time is raised to be less than 4000 psi, while the pressure for 300-day
huff time reaches around the maximum allowable 7800 psi. Then the draw-
down pressure to produce oil from the 100-day case is almost half of that
from the 300-day case. 100-day huff time is not long enough to boost the
pressure (energy).

For the same huff time of 100 days, when the puff time is increased from
100 days (Case H100P100) to 300 days (Case H100P300), the oil recovery
factor decreases by 0.07% from 15.12% to 15.05%, indicating the puff time is
not important. The near-wellbore block pressures are shown in Fig. 5.6.
When the huff time is 100 days, the pressure near the well is relatively
low (4000e5000 psi). Then the production drawdown and the oil rate
will be low. Therefore, a longer puff (production) time may not be helpful
to oil production. If it is too long, effective operation time is lost.

Comparing the two cases, H300P300 and H300P100, the oil recovery
factor for H300P100 decreases by 5.82%, from 21.2% to 15.38%, for
H300P300. The puff time is important in these two cases. The block
pressure at block (2,16,1) near the well (fracture) block (1,16,1) in
H300P100 is shown in Fig. 5.7. It shows that the pressure reaches the
injection pressure during the huff period, but it cannot deplete to the set
puff pressure of 500 psi at the end of 100 days of puff, before the well is

Table 5.4 Effect of huff-n-puff times.
Case Huff, days Puff, days Oil RF, %

Primary 0 10,950 11.42
H100P100 100 100 15.12
H100P300 100 300 15.05
H300P300 300 300 21.20
H300P100 300 100 15.38
H300P200 300 200 19.49
H300P350 300 350 20.95
H300P450 300 450 20.57
H300P600 300 600 20.12
H100P100qx3 100 100 23.33
Primarytrans0.33 0 10,950 9.46
H100P100trans0.33 100 100 15.53
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Figure 5.5 Near-wellbore block pressures for the huff time of (A) 100 days and (B) 300 days with the puff time of 300 days.
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Figure 5.6 Near-wellbore block pressures for the puff time of (A) 100 days and (B) 300 days with the huff time of 100 days.
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switched to the huff mode. Thus, the effective production is lost. To support
this statement, case H300P200 is simulated. The oil recovery factor is
increased to 19.49%.

Will the oil recovery increase when the puff time is further increased
from 300 days? Three more cases, H300P350, H300P450, and
H300P600, where the puff time is extended to 350, 450, and 600 days
are simulated. The oil recovery factors are 20.95%, 20.57%, and 20.12%,
respectively (see Table 5.4), all lower than that from H300P300! The
near-wellbore block pressures during the huff-n-puff are slightly lower
than those in H300P300 (data not shown here to shorten the presentation).
Also, the oil rate after 300 days is very low; thus the extended production is
not effective.

From the above discussions, we may conclude that the optimum huff
time is so long that the near-wellbore pressure reaches to the set maximum
huff pressure, and the optimum puff time is so long that the near-wellbore
pressure reaches to the set minimum puff pressure.

To support the above conclusion, based on the case H100P100, another
case H100P100qx3 is simulated. In this case, both the maximum injection
rate and the maximum production rate are increased by three times. By
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Figure 5.7 Near-well block pressure in H300P100.
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increasing the rates, higher huff pressures and lower puff pressures near the
wellbore (fracture) will occur. Fig. 5.8 shows the near-wellbore pressure rea-
ches both the set maximum huff pressure and the set minimum puff pressure.
The oil recovery factor from this case is 23.3%, higher than that from the
case H300P300 (21.2%).

Furthermore, additional models are used to support the conclusion. If
the transmissibility is reduced, the near-wellbore block pressure will more
easily reach the set maximum injection pressure (7800 psi) during the huff
period and the set minimum production pressure (500 psi) during the puff
period. Even the huff time and puff time are short such as 100 days; the
oil recovery factor will be high or optimized. To prove that the transmissi-
bilities in the primary case (Primary) and the huff-n-puff case (H100P100)
are decreased by three times, the corresponding new cases, Primarytrans0.33
and H100P100trans0.33, are created. The near-wellbore block pressure in
the huff-n-puff case H100P100trans0.33 is shown in Fig. 5.9. It shows
that the pressure reaches the set maximum injection pressure during the
huff period and the set minimum production pressure during the puff
period. The oil recovery factors for the primary and huff-n-puff cases are
9.46% and 15.53%, respectively (see Table 5.4), resulting in the incremental
oil recovery factor 6.07%.
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Figure 5.8 Near-wellbore block pressure when the huff-n-puff time are 100 days but
high rate (H100P100qx3).
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Fragoso et al. (2018b) found that longer cycle time (longer huff and puff
time) performs better than the shorter time, as more gas is injected, and
long production time is allowed. Their result is consistent with the above
discussion. They further found that the optimal schedule is such that the
cycle time increases with cycle, as more gas is produced so that more gas
is needed to supplement the voidage and a long time is needed to produce
the oil deep in the reservoir. They also proposed that refracturing and
huff-n-puff are combined to improve oil recovery.

Kong et al. (2016) found from simulation that the optimum huff-n-puff
CO2 injection for the Cardium tight oil reservoir (0.2 mD) is 1 month of
huff time, 3 months of puff time, and selected 10 days of soaking time.
They found 0.7% more oil is produced in 5 years, if the huff time and the
puff time are increased by 5 days for each consecutive cycle.

Kong et al. (2016) also studied the interwell interference during
huff-n-puff CO2 injection by comparing an asynchronous huff-n-puff
injection with the counterpart synchronous injection. In the synchronous in-
jection, all the wells perform huff, soak, and puff operations at the same pace,
while in the asynchronous injection, when a group of wells are in the huff
mode, the rest of the wells are in the puff mode. They tested a three-well
sector. When the middle well is in the huff mode, the two side wells are
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Figure 5.9 Near-wellbore block pressure in Case H100P100trans0.33 with its transmis-
sibility reduced 3 times from Case H100P100.
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in the puff mode, and vice versa. They found that the asynchronous injection
outperforms the synchronous injection. This probably results from that the
energy is more effectively used during the asynchronous injection.

5.4.2 Optimum soaking time
Experimental data show that the oil recovery will be higher within a single
cycle if soaking time is added or a longer soaking time is used (Gamadi et al.,
2013). However, if the total experimental time of huff, soak, and puff is the
same, more oil can be recovered without soaking time or shorter soaking
time (Yu and Sheng, 2015). The field tests reported by Monger and Coma
(1988) used the soaking time of 18e52 days; the results did not show the
sensitivity of soaking time. Their laboratory tests showed that soaking time
improved recovery of waterflood residual oil in the cores. But the improved
oil recovery was mainly from the subsequent waterflooding period. Sanchez-
Rivera et al.‘s (2015) simulation result shows a lower oil recovery at a longer
soaking time; adding molecular diffusion does not change the result.

To find out the effect of soaking time, a new case H300S100P300 is
created. In this case, 100 days of soaking time is added, and the total number
of huff-n-puff cycles remains the same as H300P300. The total number of
cycles for 10,950 days is about 17 for the two cases. But the total elapse
time for H300S100P300 is increased to 12,650 days (¼10,950 þ 1700).
Its oil recovery factor is 21.39%, higher than 21.2% from H300P300, as
presented in Table 5.5. This result is consistent with the experimental
observations mentioned above.

However, if the total operation time is fixed at 10,950 days, and the huff
time of 300 days is split into 200 days of huff time and 100 days of soaking
time in H200S100P300, the oil recovery factor becomes 17.7% that is lower
than 21.2% in H300P300 (Table 5.5). This result is consistent with that in a
condensate reservoir case (Sheng, 2015b).

Table 5.5 Effect of soaking time.
Case Huff, days Soak, days Puff, days Oil RF, %

Primary 0 0 10,950 11.42
H300P300 300 0 300 21.20
H300S100P300ext 300 100 300 21.39
H200S100P300 200 100 300 17.70
H300S5P300 300 5 300 21.01
H300S50P300 300 50 300 20.71
H300S100P300 300 100 300 20.33
H300P300Diff 300 0 300 23.40
H300S100P300Diff 300 100 300 22.71
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Now keeping the total elapse time (10,950 days) and the huff time
(300 days) unchanged, soaking times of 5, 50, and 100 days are added to
H300P300 in the cases of H300S5P300, H300S50P300, and
H300S100P300. The oil recovery factors for these cases are 20.01%,
20.71%, and 20.33%, respectively, as shown in Table 5.5. All these recovery
factors are lower than 21.2% in H300P300 without soaking time.
Therefore, soaking time was not added (Wan et al., 2013a, b; Wan et al.,
2014a, b; Sheng and Chen, 2014; and Wan and Sheng, 2015b; Meng
et al., 2015b).

In the above cases with soaking time, diffusion is not included. Soaking
may help gas diffuse into oil phase. Therefore, to study the effect of soaking
time, diffusion is added to create a case H300S100P300Diff. The oil
recovery factor is 22.71% that is lower than that in H300P300Diff without
soaking time (see Table 5.5). The total project time is the same in these two
cases. This comparison shows that including diffusion does not make soaking
time beneficial. Fragoso et al. (2018a) did not use soaking time in their
simulation study as the highest oil recovery could be obtained without
soaking time.

5.4.3 Number of cycles
More oil can be produced in each of early cycles than each of late cycle.
There should be an optimum number of cycles. Artun et al.‘s (2011)
simulation work indicated that an optimum number of cycles were two
to three based on net present value for a fractured conventional reservoir.
Yu and Sheng (2015) did 10 cycles of huff-n-puff experiments and the
cumulative oil recovered continued to increase with the cycle. Wan
et al.’s (2015) history matched the Yu and Sheng’s experiments and the
models also predict the continuous increase with the cycle.

The case H300P300 is extended from 10,950 to 32,850 days (about 90
years) to create the case H300P300ext. The cumulative oil recovery factor
keeps increasing as shown in Fig. 5.10; the oil rate decreases with time
(Fig. 5.11). An economic analysis is needed to determine the optimum
number of cycles for a real project.

5.4.4 Start time of huff-n-puff
Sanchez-Rivera et al.’s (2015) simulation data indicate that too early start of
the first huff-n-puff gas injection from the primary depletion is detrimental
to oil recovery, but too late start is disadvantageous to the net present value.
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Figure 5.11 Oil rate versus time in H300P300ext.
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Figure 5.10 Oil recovery factor versus time in H300P300ext.
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According to the Sheng’s (2015d) simulation results, some years of primary
depletion assists the subsequent production of oil by gas flooding and
huff-n-puff gas injection. Meng and Sheng (2016a) proposed that in the
huff-n-puff gas injection in gas condensate reservoirs, the puff time should
be started when the gas rate at the end of puff period should be 10% of
the gas rate in the beginning. It suggests that the first huff-n-puff cycle
should be started when the primary oil rate is depleted to a low enough
rate, for example, 10% of the initial rate. There is no criterion proposed
in the literature.
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CHAPTER SIX

Gas flooding compared with
huff-n-puff gas injection

Abstract

This chapter is to discuss gas flooding in shale and tight oil reservoirs and to compare
the gas flooding with the corresponding huff-n-puff gas injection. A few field projects
are presented. The feasibility of gas flooding is briefly cited from a reference.

Keywords: Feasibility; Field projects; Gas flooding; Huff-n-puff gas injection.

6.1 Introduction

Gas flooding is much more commonly used than huff-n-puff gas
injection in conventional reservoirs. However, in shale or tight reservoirs,
because of ultra-low permeability and the resulting significant pressure
drop in the matrix, it is very difficult for the gas to drive oil from an injector
to a producer. If a shale or tight reservoir has natural fracture networks or the
hydraulic fractures connect an injector and a producer, gas will easily break
through, resulting in very low sweep efficiency (Sheng and Chen, 2014). To
avoid these problems, huff-n-puff gas injection is preferred. Regardless, gas
flooding is still an important EOR method, particularly in tight reservoirs
where the reservoir permeability is not as low as shale reservoirs. This chap-
ter discusses gas flooding in shale and tight formations, and to compare with
huff-n-puff gas injection. A few field projects are presented.

6.2 Research results on gas flooding

Yu and Sheng (2016a) used Eagle Ford outcrop cores to conduct ni-
trogen flooding tests. The core dimensions were 1.5 inches in diameter and
2 inches in length. The porosity was about 5% and the permeability was
about 70 nD estimated using AutoLab 1000 developed by NER Inc.,
USA (however, the estimated gas permeability was 0.5 nD Core GF_6
and 5 nD for Core GF_7 if the steady-state Darcy equation is used and
the data presented in the paper are used, indicating that different
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permeabilities may be calculated if different methods are used). The oil was a
dead oil of the viscosity of 8.5 cP. The experimental setup is shown in
Fig. 6.1. A gas mass flow meter (SmartTrak 100) with a readability of
0.02 SCCM was installed at the outlet to monitor the gas flow rate. An
analytical balance with the readability of 0.0001 g was used to measure
the dry weight (Wdry), oil-saturated weight (Wsat), and the weight of the
core plug (Wend) at the end of each flood. The oil recovery (RF) was calcu-
lated by

RF ¼ Wsat �Wend

Wsat �Wdry
(6.1)

A core plug had about 2.5 g oil when it was fully saturated, and the oil
that could be produced at the end of a flood test was less than 1 g. During the
test, the produced oil would be less than 1 g. Such a litter amount of oil
could not be measured by a graduated collector or by a balance, as some
of the produced oil would be in the tubing. Only the weight at the end
of each test could be measured, and the RF was calculated by the above
equation. However, the recovery factors at different times were needed.
To achieve that, multiple tests of different flooding times were performed
using the same core. All the tests were conducted at the room temperature
of 71�F, at the same injection (inlet) pressure and the same outlet pressure
(the atmospheric pressure).

Fig. 6.2 shows the oil recovery factors at different flow times and at
different injection pressures using core GF_6. It shows that in the early
hours, the recovery factors almost linearly increased with time; at later

CT scanner

Water

Air

N2 cylinder

QX Pump

Gas Meter

Figure 6.1 Schematic of experimental setup for gas flooding tests.
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time, the recovery factors slowed down with time. Yu et al. (2016b)
extended the work to 32 tests in longer flood time and more cores. These
tests were able to be matched by simulation models. One example is shown
in Fig. 6.3 where the experiments do show it is possible to produce oil from
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Figure 6.2 Oil recovery factors at different flooding pressures.

Figure 6.3 Oil recovery factors of the two flood tests at 1000 psi injection pressure and
using two cores (experimental vs. simulation).
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gas flooding. Fig. 6.4 shows the gas saturation profiles for test GF_4 at
different times which shows that gas broke through at about 0.625 days.
By this time, the oil recovery was about half the total recovery by 5 days.
Cross-checking the recovery factor in the previous figure, it can be seen after
0.625 days that the recovery factor curve decreased the increasing trend. In
other words, after gas breakthrough, it will be more difficult to produce oil.

Early experimental data show that the oil recovery was very sensitive to
the injection pressure in early time. However, extended simulation results
from a model based on GF_6 core experiments show that the ultimate
RF at the injection pressures of 1000, 3000, and 5000 psi are 80.5%, 82%,
and 85%, respectively. The corresponding times that the ultimate RF is
achieved are about 60, 140, and 220 days. The recovery factor is increased
by 4.5% for the unrealistically long flood time in the small core scale, when
the injection pressure is increased from 1000 psi to 5000 psi. The benefit of a
high injection pressure is to increase the oil recovery rate at a higher injec-
tion volume or cost within the same time interval. The process should be
optimized based on economic benefits.

Zhu et al. (2015) proposed injection of gas from a fracture and produc-
tion of fluids from another adjacent fracture, with the injection fracture
and the producing fracture alternating in the same horizontal well. They
called it the fracture-to-fracture gas-flooding scheme. Such a scheme can
mitigate the need of high pressure gradient or overcome a minimum
threshold pressure gradient (Wang and Sheng, 2017a; 2017b) in a shale
and tight formation. Their simulation results show that injection pressure
is an important operation parameter with higher pressure leading to higher
incremental oil recovery; formation heterogeneity reduces oil recovery;
reducing the hydraulic fracture spacing increases early-time rates because

Figure 6.4 Gas saturation profiles during a nitrogen flooding test (GF_4) at different
flood times.
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of higher pressure gradient, but it lowers late-time rate; higher mechanical
dispersion slightly decreases the ultimate recovery. These results are
expected. The main issue is the technical difficulties and economic return
to complete the horizontal well so that two sets of alternate fractures can
be used for injection and production. But the designs of such a downhole
tool are available (Sharma et al., 2013; MacPhail et al., 2014).

6.3 Gas flooding versus huff-n-puff gas injection

Huff-n-puff gas injection has been studied by experiments and simu-
lation work, and it has been found that it is an effective EOR method in
shale and tight reservoirs. However, gas flooding is much more used method
in conventional reservoirs. A very important question arises: which method
should be a preferred method?

Sheng (2015d) compared these two methods by simulation. The dimen-
sions of the base model are the same as that used by Sheng and Chen (2014),
as shown in Fig. 6.5. Two half-fractures are included in the base model. For
a flooding mode, one injector is located in the left half-fracture and one
producer is located in the right half-fracture, as shown in the figure. For a
huff-n-puff mode, two wells are located in the two half-fractures, and these
two wells are injectors during the huff period and become producers during
the puff period. Such setup makes the flow area and number of wells the
same in the two modes. The fracture length is 1000 ft. The initial reservoir
pressure is 6425 psi. The permeability is 100 nanoDarcy. The porosity is

Figure 6.5 Dimensions and well locations in the base reservoir model.
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0.06. The injection (huff) pressure is 7000 psi, and the production (puff)
pressure is 2500 psi above the bubble point pressure of 2398 psi. The puff
time and huff time are 200 days.

A black oil simulator, IMEX, developed by Computer Modeling Group
(CMM) is used. The miscibility model uses the Todd and Longstaff (1972)
mixing parameter u. u determines the degree of mixing between the
miscible fluids within a grid block. u ¼ 0 means immiscible displacement,
and u ¼ 1 complete mixing.

Using the above described model, both the flooding mode and the huff-
n-puff mode are simulated. The oil recovery factor after 10 years of primary
depletion is 5.75% which is representative to the typical field performance.
The incremental oil recovery factors over the primary depletion after 20 years
of the flooding and huff-n-puff injection are 2.59% and 16.69%, respectively.
Thus, the huff-n-puff gas injection outperforms the gas flooding. If a net
present value is used, the huff-n-puff performance is even better than the
flooding performance, as the pressure built up near the injector needs a
long time to transport to the producer to enhance oil production in the flood-
ing mode, whereas oil will be produced immediately after the first huff period
in the huff-n-puff mode. The details are presented as follows.

The oil saturation and pressure maps at different times of the gas flooding
are shown in Figs. 6.6 and 6.7, respectively, from Sheng and Chen (2014).
During the flood, oil is pushed away from the injection well, and the reser-
voir pressure builds up. Due to the ultralow permeability, pressure and fluid

Figure 6.6 Oil saturation maps at different times in the gas flooding case.
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transportation in the shale and tight reservoir are much more difficult than in
a conventional reservoir. The saturation maps show that the gas is only in the
injector side in the first 50 years. Gas could not reach the producer. Near the
producer, it is oil only. The viscosity decreases, due to gas injection, occur
near the injector but not near the producer. The pressure maps show that
after 60 years of gas flooding from 10 years (at the end of primary depletion)
to 70 years, the pressure in the middle of the model is about 5000 psi (the
pressure at the injection side is 7000 psi). In other words, the high injection
pressure cannot transmit to the area near the producer.

Sheng andChen (2014) also compared nitrogen floodingwith huff-n-puff.
Wan et al. (2014b) compared the oil recovery from CO2 flooding with that
from huff-n-puff CO2 injection. Both studies show that the huff-n-puff oil
recovery is higher than from the flooding recovery.

Yu et al. (2017) did experiments to compare the oil recovery from gas
flooding and huff-n-puff gas injection. Eagle Ford outcrops and Wolfcamp
oil were used. The properties of two core plugs are presented in Table 6.1.
The experimental setups for gas flooding and huff-n-puff are similar to that
shown in Fig. 6.1 in this chapter and that in Fig. 2.4 in Chapter 2, respec-
tively. The injection pressure was 1000 psi, and the puff pressure was at the
atmospheric pressure for all the tests. The tests were done at 70�F. The test

Figure 6.7 Reservoir pressure maps at different times in the gas flooding case.
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schedules are presented in Table 6.2. Note that the total test times for flood-
ing and huff-n-puff for each core plug were the same; for the huff-n-puff
tests, huff time and soaking time were added together.

The recovery factors of tests #1 to #4 within 48 h using the core CEF_1
are shown in Fig. 6.8. The recovery factor of the flooding test was 17.9% at
the end of 48 h of flooding. The recovery factors of the huff-n-puff tests
depended on the huff and soaking time. When the huff and soaking time
was shorter, more cycles could be performed within the same total test
time, and the recovery factors at the end of test were higher. When it was
0.5 h, the recovery factor was the highest (22.5%). However, Yu et al.
(2017) observed that little oil was produced when the huff and soaking
time was too short (e.g., a few minutes). They thought soaking time was
necessary for the pressure (or energy) to be transmitted to the inner area
of the core and for gas to diffuse into the matrix, which is not consistent
with simulation results presented in the preceding chapters. Note that in
these experiments discussed here, the huff time and soaking time were added
together. If this add time was a few minutes, the injected gas could not reach
or even the pressure could not transmit to the inner area of a core. There-
fore, litter could be produced. When the soaking time was 2 h, the recovery
was almost the same as that from the flooding test. These results show two
important points: (1) huff-n-puff performance strongly depends on

Table 6.1 Core plug properties.

Core no.
Diameter
(mm)

Length
(mm)

Dry weight
(g)

Saturation
Porosity

Average
permeability
(nD)

CEF_1 38.5 50.9 152.099 4.4% 85
CEF_2 38.1 101.8 249.697 13.1% 400

Table 6.2 Test schedules.

Core no.
Gas injection
mode Test no. Test schedule

CEF_1 Flooding 1 Flooding period: 48 hrs
Huff-N-Puff 2 Huff and soaking 0.5 h, puff 1 h (32 cycles)

3 Huff and soaking 2 h, puff 1 h (16 cycles)
4 Huff and soaking 5 h, puff 1 h (8 cycles)

CEF_2 Flooding 5 Flooding period: 72 h
Huff-N-Puff 6 Huff and soaking 1 h, puff 3 h (18 cycles)
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operation parameters; (2) whether a huff-n-puff injection mode outper-
forms a flooding mode depends on whether the huff-n-puff is optimized
or not.

Two more tests (#5 and #6) were conducted for nitrogen flooding and
huff-n-puff nitrogen injection, respectively, using core CEF_2 for 72 h. The
recovery factors from the flooding test and the huff-n-puff test (huff and
soaking 1 h and puff 3 h) were 19.9% and 24.1%, respectively. The data
are shown in Fig. 6.9 together with the corresponding simulation results.
In the first 24 h, the oil recovery factors from the two injection modes
were close. After 24 h, the difference between the flooding and the huff-
n-puff tests started to show up and grew with time. The production rate
in the flooding test decreased rapidly because the gas had broken through
in 24 h. Most of injected gas flew through the established flow channels
without bringing significant oil out. By comparison, the huff-n-puff test
continued providing energy at later cycles, maintaining the effectiveness
of the process. Extending the two tests to 15 days, the difference in the
oil recovery factors increased from the second day and became stabilized
after 6 days (see Fig. 6.10), as the huff-n-puff test became less effective as
well in the later cycles. In these two tests, the huff-n-puff mode outper-
formed the flooding mode by about 11%.
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Figure 6.8 Recovery factors of nitrogen flooding and huff-n-puff injection within 48 h
using core CEF_1.
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Figure 6.9 Experimental and simulated oil recovery histories by N2 flooding and N2

huff-n-puff in 72 h.

Figure 6.10 Simulated oil recovery factors by nitrogen flooding and huff-n-puff nitro-
gen injection.
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Other researchers also compared huff-n-puff gas injection with gas
flooding. Shoaib and Hoffman (2009) simulated CO2 injection in different
injection schemes (continuous injection or flooding and huff-n-puff) in the
Elm Coulee field in Richland County, Montana. Oil is produced from the
Bakken formation. The reservoir porosity is 7.5%, the permeability is
0.01e0.04 mD, and the oil viscosity in the reservoir is about 0.3 cP. The
shale layers contain natural fractures that formed during the conversion
process of kerogen followed by generation and expulsion of oil.
The pressure buildup tests indicate a permeability of 2.5 mD in the upper
shale region. For the huff-n-puff mode, a cycle of 9 months is used
(3 months in each of injection, soaking, and production periods). The
huff-n-puff injection increased recovery over primary production by 2.5%
for 0.19 PV injection. The incremental oil recovery from the flooding
ranges 13%e15% for about 0.2 PV injection. They found that the gas flood-
ing is better than huff-n-puff. The good flooding performance may result
from the relatively high permeability (2.5 mD from the buildup) because
the injected gas and displaced oil can flow to the producers in the flooding
mode (Sheng and Chen, 2014). The lower huff-n-puff performance in this
case may be able to be improved by optimization of the huff, puff, and soak-
ing time, for example, by reducing the soaking time, as the optimization can
change the conclusion about the preference of huff-n-puff and flooding
(Sheng, 2015b), as also discussed earlier in this section.

Wang et al. (2010) assessed the CO2 potential in the Bakken formation
in the Saskatchewan area. In their simulation model, the porosity is 7.5%,
and the permeabilities in the upper three layers andlower five layers are
2.5 mD and 0.04 mD, respectively. The oil viscosity in the reservoir is about
0.3 cP. They claimed that continuous CO2 injection is better than the huff-
n-puff CO2 injection. In their continuous mode, there are four injectors and
nine producers. In their huff-n-puff mode, two wells are in 10 years of huff
injection, while another group of two wells are in 5 years of soaking
followed by 5 years of production, and the rest of nine wells are in contin-
uous production mode. Three points may help understand why the contin-
uous injection is better than the huff-n-puff injection in this case. (1) In the
huff-n-puff mode, not all the wells are operated in such mode; (2) 5 years of
soaking time is too long, and thus some operation time is lost; (3) the perme-
ability from this model is not ultralow so that CO2 is able to flood from an
injector to a producer (Sheng and Chen, 2014).

Kurtoglu (2013) simulated a three-well pattern. The three horizontal
wells are parallel with each other and produce in the first 450 days, the
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central well is used as a CO2 injection well. The performance of huff and
puff is compared with that of CO2 flooding. In gas flooding the central
well injects CO2 from 450 to 1450 days. In the huff-n-puff, the central
well injects 60 days, soaks 10 days, then produces 120 days, and this process
is repeated for six cycles until 1450 days for the huff and puff mode. The
simulation results show that the incremental oil recovery over the primary
depletion for the flooding mode is higher than for the huff and puff
mode. The better flooding results are probably caused by her model in
which only the center well is changed from primary depletion to huff and
puff or continuous injection. For such model setup, the huff and puff benefit
cannot be realized in the two side wells. But the benefit of continuous in-
jection is well captured by the two side wells. Another reason may be the
partial loss of soaking benefit, as her model does not include molecular diffu-
sivity. The third reason may be that the injection volume by one well for
60 days is far not enough. Probably a more important reason is the small nat-
ural fracture spacing (2.27 ft) in her model. The matrix permeability is
around 300 nD, and the effective permeability in the SRV is 31 mD.
Such a high permeability model will make the gas flooding feasible.

Yu et al. (2014a) did a sensitivity study of CO2 injection to enhance dry
gas recovery in Barnett reservoirs. They found that CO2 flooding is a good
option to enhance gas recovery, but CO2 huff and puff is not because most
of the injected CO2 quickly flows back during the puff period. In their
simulation model, the wells were under primary production for 5 years,
injected for 5 years, soaked for 5 years, and produced for the test of 15 years.
Obviously, the soaking time and the subsequent puff time are too long. Such
huff-n-puff operation is far from the optimized. Therefore, the huff-n-puff
cannot be compared with the flooding mode for performance. Note this is a
case to produce dry gas (methane).

Schepers et al. (2009) simulated CO2 sequestration and its enhanced gas
recovery in the Devonian gas shale of Eastern Kentucky, considering organic
matter in the shale has a greater sorption affinity for CO2 than natural gas
(methane). They compared continuous CO2 injection with huff-n-puff
CO2 injection. The average formation permeability is 18 mD. The simulated
pattern is one injector and three producers in a 40-acre spacing. The gas
recovery of huff-n-puff CO2 injection is 2.0% compared with 2.2% without
CO2 injection. It is found that a significant amount of CO2 is produced back
during the puff period. The huff-n-puff parameters are 5 days of injection,
1 month of soaking, and 3 months of production. 300 tons of CO2 are
injected. However, the gas recovery factor for the continuous gas injection
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(flooding) is 7.3%. These results show that the huff-n-puff does not perform
as well as the gas flooding or the primary depletion without any CO2 injec-
tion. Several factors may contribute to this result. (1) From the paper, it
cannot be figured out whether all the four wells in the pattern are under
the huff-n-puff injection. If all the wells are not under huff-n-puff injection,
then the performance cannot be directly compared with the continuous
injection. (2) The soaking time of 1 month is too long in the case of
5 days of injection. In other words, the huff-n-puff is not optimized.
(3) The injected amount of CO2 of 300 tons (or 5 days of injection) may
be too small. (4) This huff-n-puff injection has only one cycle. One of
the advantages of huff-n-puff injection is that it can have many cycles,
and even late cycles may contribute to gas recovery. But for a gas flooding
case, once the injected gas breaks through, addition recovery is significant, or
a significant recovery takes a long time. (5) The permeability of 18 mD may
be high for a gas reservoir so that huff-n-puff may not have the advantage.

Meng et al. (2017) conducted experiments to compare the liquid
condensate recovery from the two modes as well. They found that the
recovery from huff-n-puff was higher than that from gas flooding for the
same operation time.

From the above discussion, we may conclude that huff-n-puff gas injec-
tion should outperform gas flooding in shale and tight reservoirs, if the huff-
n-puff is well designed (optimized). In other words, for huff-n-puff to be
better than flooding, the huff-n-puff scheme (e.g., huff, puff, and soaking
times) needs to be optimized.

6.4 Field applications of gas flooding

In this section, four field cases of gas flooding are presented.

6.4.1 Gas flooding in Viewfield Bakken field, Saskatchewan
(Schmidt and Sekar, 2014)

In this project, immiscible continuous gas injection was carried out through
one central horizontal injection well (east-west orientation) that was
perpendicular to nine horizontal production wells (north-south orientation).
See Fig. 6.11. The pilot project covered 1280 acres and was developed on a
combination of 80-acre and 160-acre spacing. The wells were about 1 mile
long. The wells were multistage hydraulically fractured. The center injec-
tion well created a toe-to-heel injection pattern. The distances from the
injector to the nearest hydraulic fracture of each offset producer were almost
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the same. When gas broke through at the toe end of a producer, the toe
portion was plugged to alleviate gas cycling. The injected gas continued
moving to the next portion. This pattern enabled one injector to serve
the nine producers. For the producers with heels close to the injector, a
straddle packer system called “scab-liner” technique was applied at the
immediate heel port. Two packers were set, one in the upstream and the
other in the downstream of the problem fracture port, with the tubing in
between to allow flow through while still isolating port(s). This technique
proved to work in the pilot. The porosity and permeability of the Bakken
formation in the test area were 9%e10% and 0.01e0.1 mD, respectively.
The median pore throat size was 0.1e0.2 microns. The oil viscosity was
2e3 cP. The initial water saturation was 55%e59%. The initial pressure
was 2320 psi and the bubble point was 990 psi.

The project was initiated in December 2011. Initially, the injection rate
was 300 MSCF/d at the injection pressure of 500 psi. When compression
was added in March 2012, the injection rate was increased to 1 MMSCF/
d at 1000 psi. Immediately, gas broke through two pattern wells. The oil
production rate decreased to 53 bbl/d by July 2012. After workovers, oil
rates consistently increased in all of nine producers and the total rate climbed
to 295 bbl/d. The average decline rate of the pattern wells decreased from
20% before gas injection to 15% after gas injection. The project clearly
demonstrated that alleviation of gas breakthrough made the gas flooding
work. The gas utilization factor was 6.5e10 MSCF/bbl of oil.

Heels

Heels

Toes

Toes
Injector heel

Injector toe

Producers

Producers

Figure 6.11 Viewfield gas injection pattern. Modified based on Schmidt, M., Sekar, B.K.,
2014. Innovative Unconventional2 EOR-A light EOR an unconventional Tertiary recovery
approach to an unconventional Bakken reservoir in Southeast Saskatchewan. Paper WPC-
21-1921 Presented at the 21st World Petroleum Congress Held in Moscow, Russia, 15e19
June.
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This project also demonstrated that the injected lean gas could vaporize
natural gas liquid (NGL) content. The original solution gas from the Bakken
formation in the pilot area had an NGL content (C2eC7) of 225e250 bbl/
MMSCF. The injected gas had NGL of 138e145 bbl/MMSCF. One well
data showed that the NGL yield increased from 2.2 to 5.6 bbl/d. The oil
production from this well increased by about 10%.

There are several important learning points from this pilot test. (1) An
injector to producer well ratio of one to nine was a key factor in the eco-
nomic success of this project. This ratio was much lower than a typical
one to one ratio for waterflooding. This practice reduces surface infrastruc-
ture costs and increase production time. (2) Compared with water injection,
gas injection required less capital investment and gas was a nondamaging
injection fluid.

6.4.2 Gas flooding in Bakken formation in North Dakota
(Hoffman and Evans, 2016)

One waterflooding pilot was performed in the Bakken formation in the
North Dakota area in 2012e13. However, it was not successful. It was con-
verted to gas injection in 2014. The horizontal injector was surrounded by
four horizontal producers. Produced natural gas was used. Gas was reinjected
for 55 days in the middle of 2014 at a rate of 1.6 MMSCF/d and at the surface
injection pressure of 3500 psi. All the production from four producers
increased in the months immediately after the gas injection. Because the wells
further to the west producer were being hydraulically fractured,
the production increase at the south and west wells might be caused by the
fracture-hits. The other two wells (north and east) might not be hit by frac-
tures. After 1 week of gas injection, gas rate was increased to 160 MSCF/d at
the east offset well, or about 10% of the injected gas was being produced at
this well. The well was subsequently closed for 1 month. After the well
was reopened, the gas rate was high and the oil rate peaked for a short
time and then went back to the normal decline. The north offset well had
oil rate increased by three times, probably due to long-distance fracture-hit.
Gas flooding improved oil production in this case.

6.4.3 CO2 injection in Song-Fang-Dun Field, Daqing (Jiang
et al., 2008)

A CO2 flooding pilot was carried in the Fuyang Layer in the Fang-48 fault
block, Song-Fang-Dun Field, Daqing, China, starting in March 2003. The
porosity was 12%, and the air permeability was 0.79 mD. The oil viscosity
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in the reservoir was 6.6 cP. There were one injector and five producers. The
benefit was observed at the producers by August 2004. By the end of 2006,
total 0.33 PV CO2 was injected. The injector was not fractured. The CO2

injectivity was about 6.3 times water injectivity. The pilot performance was
positive. However, uneven CO2 sweep to the producers were observed.
This pilot was expanded to 14 injectors and 26 producers. CO2 injection
was started in November 2007 before oil production in April 2009. In the
beginning, CO2 injection rate was 22 tons/day, oil rate 0.2 tons/day. After
the producers responded to CO2 injection, oil rate increased to 0.6 tons/
day. By 2014, water-alternate-gas injection was applied. By May
2015,204,000 tons of CO2 had been injected, and 9000 tons of oil had
been produced. The ratio of oil produced to CO2 injected was 0.044 tons/
ton which is equivalent to 53.75 MSCF/bbl oil if it is assumed that the oil
density is 0.85 and 1 ton of CO2 is approximately 17.5 MSCF. Such CO2

injection performance was not good. The main reason was that the net-to-
gross ratio was low (less than 0.5), and the formation was very heterogeneous.

6.4.4 CO2 injection in Yu-Shu-Lin Field, Daqing (Wang, 2015)
The permeability in the Fuyang reservoir, Well-101 block, Yu-Shu-Lin
field was 0.96 mD in the injection area. The reservoir oil viscosity was
3.6 cP. Before CO2 injection, the field was under waterflooding. The injec-
tion pattern was 5-spot with well spacings of 300 and 500 m. There were
total seven injectors and 17 producers. Two injectors started work in
December 2007, and five injectors in July 2008. By September
2013,110,600 tons of CO2 had been injected, and 55,300 tons of oil had
been produced. The ratio of oil produced to CO2 injected was 0.5 (tons
of oil to tons of CO2) which is equivalent to 4.73 MSCF/bbl. Several points
are worth noting. CO2 injection was half years ahead of production. CO2

injectivity was more than four times water injectivity, making the pressure
maintenance by CO2 injection easier than water injection. The wells
were not fractured. The estimated oil recovery was 21% compared with
12% from a waterflooding well pattern in the same field. This pilot area
was expanded to 70 injectors and 140 producers.

6.4.5 Summary of gas flooding performance
The above discussed gas flooding projects may be briefly summarized in
Table 6.3. These observations may be made.
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1. Three out of four projects that demonstrated gas injection were success-
ful with more oil produced.

2. The formation permeabilities were less than 1 mD, but much higher than
nanoDarcy.

3. The oil viscosities were low.
4. Tests showed there was no gas injectivity issue. Some cases rather showed

gas breakthrough issue.

6.5 Feasibility of gas flooding

Joslin et al. (2017) used simulation approach to study the feasibility of
flooding methods in a volatile oil reservoir. They found that when the
matrix permeability is lower than 0.03 mD, any flooding method, nitrogen,
CO2, and water, will not be economical at the oil price of $40/bbl oil and
the gas price of $2.5/MSCF. Nitrogen flooding is the best option when the
matrix permeability is 0.03e0.1 mD in terms of incremental oil recovery.
CO2 is the best when the matrix permeability is higher than 0.1 mD. In
terms of net present value (NPV), when the matrix permeability is higher
than 0.1e0.3 mD, nitrogen flooding is profitable, but not for CO2 flooding.
When the matrix permeability is higher than 0.3 mD, both nitrogen and
CO2 flooding outperformed primary depletion. Waterflooding requires
the matrix permeability greater than 1 mD to be profitable.

Table 6.3 Gas flooding performance.

Field Inj. gas k, mD
mo,
cP

#
Inj

#
Prod

Well
spacing

Performance,
MSCF/bbl References

Viewfield,
Bakken
formation,
Saskatchewan

Lean
gas

0.01e
0.1

2e3 1 9 80, 160
acres

Oil rate
increased,
6.5e10

Schmidt
and
Sekar,
2014

Bakken
formation,
North
Dakota

Natural
gas

1 4 Oil rate
improved

Hoffman
and
Evans,
2016

Song-Fang-Dun,
Daqing

CO2 0.79 6.6 14 26 200e
300 m

53.75 Jiang et al.,
2008

Fuyang Daqing CO2 0.96 3.6 7 17 4.73 Wang 2015
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CHAPTER SEVEN

Water injection

Abstract

In this chapter, research results on experimental and simulation studies are presented
to evaluate the EOR potential of water injection. Water can be injected in a huff-n-puff
mode or a flooding mode. Their performance is compared. Water injection is also
compared with gas injection. At the end, field performance of water injection is
summarized. Other modes of water injection are also briefly mentioned.

Keywords: Field performance; Huff-n-puff; Waterflooding; Water injection; Water
injection modes.

7.1 Introduction

Waterflooding is the most practiced method to produce oil in
conventional reservoirs. One main concern for waterflooding in shale and
tight reservoirs is injectivity. Therefore, there are not many water injection
projects in the United States, but quite a few in Chinese tight formations. In
this chapter, we present research results on experimental and simulation
studies to evaluate the EOR potential of water injection. Water can be
injected as a huff-n-puff mode or a flooding mode. Their performance is
compared. At the end, field performance of water injection is summarized.
Other modes of water injection are also briefly mentioned.

7.2 Waterflooding

Although there is a concern of water injectivity, field projects per-
formed in US so far did not show the problem as serious as expected in shale
reservoirs (Hoffman and Evans, 2016). Many tight reservoirs in China did
not show injectivity problem either.

Song and Yang (2013) used Bakken cores to conduct a waterflooding
experiment. The oil viscosity was 2.17 cP at 20�C and at an atmospheric
pressure. The core permeability was 0.27 mD and the porosity was 0.23.
The initial oil saturation was 0.55. The oil recovery factor at the break-
through was 0.48 at 0.36 pore volumes of injection. The total oil
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recovery factor was 0.515, indicating not much oil produced after the
breakthrough.

One may think that water preferentially invades into smaller pores, as the
capillary pressure as a driving force is higher. However, the resistance in
smaller pores is also higher. As a result, water imbibition velocity is higher
in large pores (Sheng, 2017c). This can be explained as follows.

Based on Poiseuille’s law, Washburn (1921) derived an equation to
describe the imbibition velocity in a single capillary tube. The velocity equa-
tion can be restated as follows without including the coefficient of slip or a
noncapillary drive force:

dl
dt

¼ s cos q
4mwl

r (7.1)

In the Eq 7.1, l is the imbibition distance, t is the imbibition time, s is the
interfacial tension, mw is the wetting phase viscosity, q is the contact angle,
and r is the capillary radius. We can see that the imbibition velocity into a
larger pore is lower than that into a smaller pore. A small radius corresponds
to a low permeability reservoir because r is proportional to

ffiffiffiffiffiffiffiffi
k=4

p
. Now we

can understand that in the low-permeability rock, although the capillary
force is higher, the viscous force is high as well; by considering these two
forces, the imbibition velocity in the low-permeability rock is actually lower
than that in the high-permeability rock. Note that the above ignores the slip
flow. For the slip flow to take place, the capillary diameter needs to be
smaller than approximately 3 nm (Sharp et al., 2001). This was confirmed
by an experimental and theoretical study by Koo and Kleinstreuer (2003).
Thus, the continuum theory is still applicable to fluid flow through nano-
pores in shale matrix in a practical sense.

The above theory is consistent with what was observed by Lin et al.
(2016) as shown in Fig. 7.1. This figure also shows that when there was a
fracture, the water could much more quickly imbibe into the neighbor ma-
trix. Another important mechanism is the imbibed water increase reservoir
pressure and local pressure so that the drive energy is boosted. From the
imbibition point of view, water-wet formation is preferred. This conclusion
is supported by experimental data by Huang and Xiang (2004). By the way,
Sun et al. (2015) attributed their slower imbibition rate after the cores
were dried in an oven to the fractures generated during the earlier water
imbibition. They argued that the existence of fractures with openings in mi-
crometers reduced capillary pressure; thus the imbibition rate was decreased.
As discussed here, the resistance in fractures is lower and the resulting
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imbibition rate should be higher. Their lower imbibition rate might
result from other causes, for example, the core permeability might be
reduced after the earlier imbibition. Now we review some of waterflooding
field projects.

7.2.1 Waterflooding in Bakken and Lower Shaunavon,
Saskatchewan

Waterflooding projects have been performed by Crescent Point Energy in
its Bakken and Lower Shaunavon resources since 2006. Totally five patterns
in the Bakken and three patterns in the Lower Shaunavon were sanctioned
before 2011. For those trials, the first one in Bakken had a peak oil rate of
550 bbl/d from 50 to 100 bbl/d for four produces. The second pattern had
less increase in oil rate. It was too early to see the responses for rest of the
patterns by 2011. The injection patterns were such that horizontal injectors
paralleled horizontal producers with their spacings of hundreds meters
(Wood and Milne, 2011). Later a simulation study was conducted for a
Lower Shaunavon of one injector and 18 producers. The pilot production
and injection history were matched. At the end of history match, the recov-
ery factor was 1.4%. After 50 years, the recovery factor was predicted to be

Figure 7.1 Comparison of water imbibition in matrix and fractured matrix (Lin et al.,
2016).
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5.1%. The porosity in the pattern area was from 14% to 18% and the perme-
ability was less than 1 mD (Thomas et al., 2014).

7.2.2 Waterflooding in Bakken formation in North Dakota
Meridian Oil injected water in NDIC 9660 in the Bicentennial Field in
McKenzie County early in 1994. Approximately 13,200 barrels of fresh-
water were injected into a horizontal well in the Upper Bakken Shale in
50 days. The well was shut-in for 2 months. After that oil production
remained below the rates before water injection for the rest of the well’s
operational life (Sorensen and Hamling, 2016).

One waterflooding pilot was performed in the Bakken formation in the
North Dakota part. One horizontal injector was surrounded by four hori-
zontal producers (Fig. 7.1). The east and west offset wells were 2300 ft
away and the north and south offset wells were 900 and 1200 ft away
from the injector. The injection rate was about 1350 bbl/day for 8 months
in the middle of 2012. The bottom hole pressure at the injector increased to
about 6000 psi, and the east and west producers’water rates increased. How-
ever, no incremental oil was observed. The injection was stopped for about
6 months at the end of 2012 and begun in 2013 again and continued for
8 months. During the second period of water injection, the injection rate
was decreased, and the bottom hole pressure was maintained at 5500 psi.
Again, no incremental oil was seen. About 444,000 STB of water was
injected, but only 65,000 STB of additional water was produced. Later wa-
ter injection was converted to gas injection (Hoffman and Evans, 2016). The
gas injection performance is reviewed in the Gas Flooding section. The
failure of this waterflooding pilot seemed to be caused by low water sweep
efficiency, because much less water was produced than the water injected
(water lost). Therefore, this case may not be used to generalize waterflood-
ing performance in shale or tight formations. Another comment is about the
well layout as shown in Fig. 7.2. The horizontal well pattern is similar to the
inverted five-spot pattern for vertical wells. Whether such a pattern can have
a good sweep efficiency and effectively displace oil to producers is the
question.

7.2.3 Waterflooding in Bakken formation in Montana
The test was conducted in 2014. There was one injection well and several
offset wells. In the first 3 months, the well injection rate was 1700 STB/
d, and later reduced to 1000 STB/d because of breakthrough at a close offset

154 Enhanced Oil Recovery in Shale and Tight Reservoirs



well (Hoffman and Evans, 2016). The close offset well (about 880 feet away)
had a huge increase in water production, but the oil rate did not increase
during this time. The water broke after 1 week. Because of water break-
through at some stages, the injection well was finally closed. In early
2015, the closest offset well was shut-in for a couple of months. When it
was reopened, the oil rate increased. This test showed that one problem
for waterflooding is water breakthrough.

7.2.4 Waterflooding in Bakken Viewfield in Saskatchewan
This formation is a low-permeability formation. Experience or performance
from this formation may also be useful for developing shale and tight forma-
tions. Starting in 2006, waterflooding after 2e6 years of depletion by hor-
izontal injectors with multistage fracturing was launched. Line-drive patterns
were used. Before widespread waterflooding, several pilots were conducted.
Most of the horizontal injectors had 1600 m length. The well spacing from a
horizontal injector to a neighboring producer was about 200 m. Water
broke through right after waterflooding, but the oil rate peaked in the first
year, avoiding negative cash flow in early years. The oil decline rate was
decreased from 43% to 45% per year for depletion to 25%e38%. Horizontal

Figure 7.2 Well layout for one Bakken area in North Dakota (Hoffman and Evans, 2016).
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injectors were found more economical than vertical injectors (Karpov et al.,
2016).

7.2.5 Waterflooding in Pembina Cardium in Alberta
By July 2014, only 15 out of 1500 horizontal wells with multistage
fracturing were switched to water injectors. The distances from injectors
to producers were 200e450 m. An obvious increase in oil rate was not
observed from waterflooding (Karpov et al., 2016).

7.2.6 Waterflooding in Vinogradova field in Russia
The field was produced by horizontal wells of 1000 m with multistage frac-
turing, and water was injected through vertical deviated wells. The well
spacing from an injector to a producer was about 800 m. Low waterflood
efficiency from vertical wells was observed (no significant oil rate increase
but decreased decline rate). Horizontal injectors were better and planned
for future development (Karpov et al., 2016).

7.2.7 Summary of waterflooding performance
The above three waterflooding projects were all conducted in Bakken for-
mation. Their performance is summarized in Table 7.1. It can be seen that
low sweep efficiency was a problem. However, there are a number of other
fields where direct water breakthrough channels occurred, but higher oil
recovery factors were still able to be reached (Baker et al., 2016).

7.3 Water huff-n-puff injection

Li (2015) summarized several favorable conditions for water huff-n-
puff injection: (1) water-wet reservoirs, (2) well controlled volume (contain-
ment, low permeability reservoirs), (3) high natural fracture density, (4) lack
of reservoir energy (low pressure). Yu and Sheng (2017) conducted water
huff-n-puff experiments. The experimental setup is shown in Fig. 7.3.
The Quizix pump (QX-6000) was used for water injection to provide
huff pressure in the vessel through the accumulator. An oil-saturated core
was put in the vessel. There was 1.0 cm space between the inside wall of
the vessel and the core outer boundary; such an annular space represented
fractures surrounding the matrix in a reservoir. The huff and puff pressures
were achieved through the three-way valve. The pump was operated in the
mode of constant pressure delivery. With the solution injected into the
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vessel, the pressure in the annulus was increased. Once the pressure reached a
set pressure, the three-way valve and the pump were closed. After a set
period of soaking time, the three-way valve was opened to allow the liquid
flow out, and the pressure of the vessel was bled off. The core was kept in the

Table 7.1 Waterflooding performance.
Field k, mD Performance References

Bakken þ lower
Shaunavan

<1 Oil rate increase Thomas et al., 2014,
Wood and Milne,
2011

Bakken in ND No oil rate increase,
low sweep efficiency

Hoffman and Evans,
2016

Bakken in Montana Water breakthrough Hoffman and Evans,
2016

Bakken Viewfield in
Saskatchewan

w1 Water broke
through right after
waterflooding, oil
rate peaked in the
first year, decline
rate decreased

Karpov et al., 2016

Pembina Cardium in
Alberta

0.1e5 Oil rate not
increased

Karpov et al., 2016

Vinogradova in
Russia

0.87 Decline in oil rate,
low efficiency
from vertical
injectors

Karpov et al., 2016

QX Pump
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Figure 7.3 Schematic of setup for water huff-n-puff tests.
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vessel for a set puff time. At the end of each cycle, the core was pull out of
the vessel, the liquid on the core surface was wiped, and the core was
weighted with the weight recorded as Wexp. That ended one cycle of
huff-n-puff water injection. Then the core was placed back in the vessel
for the next cycle.

Oil recovery factor (RF) during a water huff-n-puff test can be deter-
mined in the following. Based on the material balance, the weight of the
core that is saturated with oil and water at the end of each cycle (Wexp) equals
the weight of the original oil saturated core (Wsat) minus the weight of oil
produced (Vp$RF$ro) plus the weight of water imbibed (Vp$RF$rw):

Wexp¼Wsat � RF$Vp$ro þ RF$Vp$rw (7.2)

The pore volume in the above equation Vp can be calculated by

Vp ¼ Wsat �Wdry

ro
(7.3)

Then the oil recovery factor which is oil produced divided by the pore
volume can be derived from the above equations:

RF ¼ ðWexp �WsatÞ$ro
ðWsat �WdryÞ$ðrw � roÞ

(7.4)

During the huff period, water may finger into the oil phase; water may
also imbibe into the core through the countercurrent flow with oil; water
preferentially invades in large pores and then imbibes into small pores to
displace oil. During soaking the period, water may continue fingering
into the oil phase in the early period as the pressure outside the core may
still be higher than that inside; of course, water imbibes into the core. During
the puff period, oil comes out of the core owing to the pressure difference
between the inside core and the annulus and possibly by water imbibition.
Probably, an important mechanism is that the invaded water and imbibed
water increase reservoir pressure and local pressure so that the drive energy
is boosted. From the imbibition point of view, water-wet formation is
preferred. This conclusion is supported by experimental data by Huang
and Xiang (2004).

Fig. 7.4 shows the effect of soaking time. As water is not as compressible
as gas, when water was injected, the pressure in the vessel quickly reached
the set pressure of 1000 psi. The huff time was short, and a relatively longer
soaking period was needed. In the figure, the soaking time actually included
the huff time. The puff time was 3 h. On increasing the huff and soaking
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time from 1 to 12 h, there was an obvious improvement in cumulative
oil recovery factor from 7.67% to 14.04%, respectively, after 12 cycles.
But when the huff and soaking time was increased from 12 to 24 h, the
oil recovery was increased less than 1%. It indicates that the oil recovery
might not effectively benefit from a further longer soaking time. Since
the pressure buildup in the experimental setup was very fast, a soaking
period was necessary to transfer the surrounding pressure into the inside
of the core. In a reservoir, there might be an optimum soaking time which
was not studied. As the injection fluid might cause the change in the rock
properties, and cores could not be totally cleaned to resume the original con-
ditions before operating the tests, four cores from the same batch of cores
which has similar rock properties were used, instead of using one core to
repeat the four tests.

Fig. 7.5 shows the effect of injection (huff) pressure on huff-n-puff water
injection. The huff and soaking time together was 12 h, and the puff time
was 3 h. This figure shows that injection pressure significantly affected oil
recovery.

Altawati (2016) did huff-n-puff experiments when cores initially had
some water saturation. He observed that the liquid recovery factor (defined
as the total produced water and oil divided by the total initial water and oil)
was lower than the oil recovery under huff-n-puff when no water was

Figure 7.4 Oil recovery from water huff-n-puff at different huff and soaking times.
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initially in the core. Shen and Chen (2014) simulation results show that the
incremental oil recovery from water huff-n-puff over the primary deple-
tion is less than 2% higher. Therefore, the EOR potential for water
huff-n-puff is limited. Some of huff-n-puff water injection projects are
briefed below.

7.3.1 Huff-n-puff water injection in Bakken formation in
North Dakota

One water huff-n-puff pilot test was conducted in the North Dakota part of
the Bakken formation in 2012. The injection time was just over 1 month,
the soaking time was 2 weeks, and the production time was 3e4 months.
The injection rate was 1200 bbl/d. No water injectivity problem was
observed, but little to no oil rate was increased (Hoffman and Evans,
2016). Probably, 1 month of injection might not be long enough to inject
a minimum gas volume.

7.3.2 Huff-n-puff water injection in Parshall Field
EOG conducted a produced water injection test in a well in the Parshall
Field, the NDIC 17170. Injection began in the spring of 2012 with a plan
to operate the well in a huff-n-puff scheme according to a 30-day injection
and 10-day soak schedule. 10,000 barrels of water were injected in April and
29,000 barrels were injected in May 2012. There was no observable

Figure 7.5 Oil recovery from water huff-n-puff at different injection pressures.

160 Enhanced Oil Recovery in Shale and Tight Reservoirs



incremental improvement in oil production attributable to water injection
(Sorensen and Hamling, 2016).

7.3.3 Huff-n-puff water injection followed by huff-n-puff
CO2 injection in Parshall Field

A Parshall Field well operated by EOG, the NDIC 16986, has been the
subject of both produced water and field gas injection testing. Water injec-
tion was conducted periodically from April 2012 to February 2014 in a
“waterflood pilot.” Nearly 439,000 barrels of water were injected before
the well was returned to production in March 2014. No obvious increase
in oil rate was observed (Sorensen and Hamling, 2016).

Starting in June 2014, EOG began injecting field gas mingled with pro-
duced water injection. Water was used to manage the effects of gas
mobility in the fracture system, or if needed, to build system pressure
with less gas volume. Through August 20, 2014, a total of 88.729 MMSCF
had been injected. Changes in fluid production rates were observed in two
offset wells, demonstrating that communication between wells can occur
rapidly. No data showed the test was successful (Sorensen and Hamling,
2016).

7.3.4 Summary of water huff-n-puff performance
The above three water huff-n-puff project performances are summarized in
Table 7.2. No oil production increase was observed from any of them. The
results are consistent with the research results presented earlier: the water
injection EOR potential is limited.

Table 7.2 Water huff-n-puff performance.

Field
Huff,
days

Soak,
days Puff, days Performance References

Bakken,
ND

30 15 90e120 Little or no oil
increase, no
injectivity issue

Hoffman and Evans,
2016

Parshall
field

30 10 No oil increase Sorensen and
Hamling, 2016

Parshall
field

439,000 bbls of water
injected first then
produced. Later
water-alternate-gas
tested

No oil increase Sorensen and
Hamling, 2016
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7.4 Waterflooding versus huff-n-puff water injection

Sheng (2015d) compared waterflooding and huff-n-puff water injec-
tion by simulation. The base simulation model is similar to what is described
in Section 6.3 of Chapter 6. The oil recovery factor after 10 years of primary
depletion is 5.73% which is representative to the typical field performance.
The incremental oil recovery factors over the primary depletion after 20
years of the flooding and huff-n-puff injection are 1.86% and 2.40%, respec-
tively (see Table 7.3). Thus, the huff-n-puff water injection performs better
than the water flooding. Sheng and Chen’s (2014) simulation results show
that water huff-n-puff oil recovery is slightly lower than that from water-
flooding because the water huff-n-puff cases are not optimized.

7.5 Water injection versus gas injection

Sheng (2015d) also compared waterflooding and gas flooding by
simulation. The results are presented in Table 7.3. It can be seen that gas in-
jection is better than water injection, either by huff-n-puff mode or flooding
mode. Because water viscosity is much higher than gas viscosity (Fai-Yengo
et al., 2014) and because of ultralow shale permeability, the pressure near the
injector cannot propagate to the producer. Figs. 7.6 and 7.7 show the pres-
sure distribution from the injector to the producer at the end of 60 years of
gas flooding and waterflooding, respectively, after 10 years of primary deple-
tion. They show that it is much easier for the pressure to transmit from the
injector to the producer for gas flooding than water flooding, indicating gas
flooding is more efficient.

Wang et al. (2010) simulated the CO2 EOR potential in the tight
Bakken formation in Saskatchewan (0.04e2.5 mD). Their simulation results
indicate that CO2 injection performs much more effectively than
waterflooding, because the sweep efficiency and pressure propagation in
waterflooding were much worse than those in CO2 flooding. Such result
is consistent with those presented by Sheng and Chen (2014), by

Table 7.3 Incremental oil recovery from water and gas injection over primary
depletion.
Scenario Gas injection Water injection

10 years of primary 5.73% 5.73%
20 years of flooding 2.39% 1.86%
20 years of huff-n-puff 16.69% 2.40%
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Joslin et al. (2017), and by Dong and Hoffman (2013) for the Bakken for-
mation in the Sanish field, North Dakota. Sheng and Chen’s (2014) simu-
lation results show that the average pressure during water injection cannot
be increased much higher than that before water injection, as the high pres-
sure is only near the injector. Their results also show that the oil recovery
from waterflooding is lower than that from gas flooding. Dong and Hoff-
man’s (2013) simulation results show that the oil recovery from their contin-
uous CO2 injection is four times higher than that from waterflooding in the
Middle Bakken in the Sanish field (tight formation of 0.04 mD). Kurtoglu’s
(2013) simulation results also show that oil production from CO2 injection
outperforms waterflooding. However, water-rock interactions are not
considered in the modeling work.

The above paragraphs compare the water and gas injection in the flood-
ing mode. Yu and Sheng (2017) compared the huff-n-puff mode by exper-
iments. The experimental setup for water injection has been presented
earlier in this chapter. For the huff-n-puff gas injection tests, the KCl solu-
tion (water) was replaced by nitrogen as the injection medium. Nitrogen
could be directly introduced into the vessel from the gas cylinder without
using the accumulator.

Fig. 7.8 compares the oil recovery performance from water huff-n-puff
and nitrogen huff-n-puff under different soaking times, with other condi-
tions being the same. It presents consistent trends that the nitrogen huff-
n-puff injection had much higher oil recovery than the water huff-n-puff
injection. Under the same operating conditions, a similar amount of oil
was produced in the first cycle from the two IOR processes. Their difference
increased with the cycle. After 12 cycles, the cumulative oil recovery factors
from water injection were all 10% higher than those from gas injection.

Kong et al. (2016) simulation results show that the CO2 huff-n-puff
performance is much better than waterflooding in the tight Cardium oil
reservoir (0.2 mD).

However, Song and Yang (2013) compared waterflooding with huff-n-
puff CO2 injection. In the waterflooding case, a core of 0.27 mD and the
initial oil saturation of 0.55 were flooded by 1.2 pore volumes of water until
no more oil was produced. The ultimate oil recovery was 51.5%. In the
huff-n-puff case, a core of 0.56 mD and the initial oil saturation of 0.43
were used. The oil viscosity was 2.17 cP at 20�C. CO2 was injected for
1 h at a constant pressure of 7 MPa, soaked for 6 h and produced for 1 h.
The oil recovery was 42.8% after six cycles. It was under an immiscible
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condition. From the oil recovery factors, they concluded that the water-
flooding outperformed the huff-n-puff CO2 injection. This conclusion is
opposite to Sheng’s (2015d) (see a table early in this chapter). The compar-
ison or the conclusion might not be properly made for these reasons: (1) the
huff-n-puff cycle could be performed more times to get more oil, but no
more was able to be produced in the waterflooding; (2) the huff-n-puff
might not be optimized; probably the puff time of 1 h was too short; (3)
the comparison should be made based on the same operation time as it is
the most important parameter, although a better comparison should be
made based on the net present value (NPV). When it was under a near-
miscible condition (9.3 MPa pressure, the MMP was 9.7 MPa), the oil
recovery increased to 63%. When the injection pressure was at 14 MPa at
a miscible condition, the oil recovery was 61%, slightly lower than that
from the near-miscible condition. They stated that a pressure higher than
the MMP was not necessary.

Figure 7.8 Comparison of oil recovery performance from water huff-n-puff and nitro-
gen huff-n-puff under different soaking times.
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7.6 Water-alternating-gas (WAG)

To overcome the gravity override of gas and the gravity underride of
water or to combine the benefits of water and gas, water-alternating-gas is
widely used in conventional reservoirs. In shale and tight reservoirs, the
gravity-related problem should be less severe. But Yang et al. (2015) evalu-
ated the performance of water-alternating-CO2 injection in laboratory with
core permeability less than 0.5 mD, and the oil viscosity is 2.17 cP at 20�C
and at atmospheric pressure. They observed that when the ratio of water to
CO2 slug sizes was decreased, the fluid injectivity was improved, but the
recovery efficiency was decreased because sweep efficiency was decreased.
In terms of the effect of the ratio on oil recovery efficiency, the result is
consistent with the simulation result from Ghaderi et al. (2012). In their
model, the horizontal reservoir permeability is 0.61 mD and the vertical
permeability is 0.061 mD. The oil viscosity at the bubble point is 0.63 cP.
Three horizontal wells (two edge producers and one middle injector)
have transverse fractures in a staggered configuration. Such configuration
helps to maximize the contact area with the formation and to maximize
the distance between fractures to delay breakthrough and improve sweep ef-
ficiency. Their result shows that WAG performs better than continuous
CO2 injection, and higher water-to-gas ratio results in higher oil recovery;
for example, after one pore volume of injection, the oil recovery factors for
water-to-gas ratios of 0.5, 1.0, and 2.0 are 16.7%, 19.8%, and 21.7%, respec-
tively. But tertiary recovery for CO2 injection should be better as CO2 con-
tacts with oil, reducing residual oil saturation through miscible displacement.
In a specific reservoir, there should exist an optimal water-to-gas ratio. Their
results also show that when the water-to-gas ratio is identical, as the WAG
cycle length becomes shorter, higher oil recovery is obtained. This is because
more cycles can be performed within a fixed time interval. This result is
consistent with that for a huff-n-puff gas injection.

7.7 Huff-n-puff water and surfactant injection

Water injection can build up reservoir pressure to a depleted reservoir.
Zhang et al. (2019) used field-scale simulation models to demonstrate the
potentials of water injection and surfactant solution injection. In the simu-
lation models, the matrix permeability is 150 nD and the natural fracture
spacing is 0.5 ft. The surfactants have the functions to change rock wetta-
bility to more water-wet and reduce IFT. The surfactants of two gpt
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concentrations are added in the first cycle, and the next two cycles are water
only. Each cycle has 6 months of injection and 12 months of production.
Their results show that water injection of three cycles improves oil recovery
by 43% and surfactant injection doubles the improvement.

7.8 Water injection in China

Because water injection modes in China are not simply huff-n-puff or
flooding, and the permeability is generally higher than those cases presented
in the previous sections, this section is allocated to discuss water injection in
China. Typical tight formations in China are distributed in Ordos Basin
(Chang 7, Chang 6, and Chang 8), Zhengger Basin, and Songliao Basin.
The typical technologies to develop tight oil are long horizontal wells
with multistage fracturing, primary depletion followed by water injection,
production above the bubble point pressure, and other means to reduce
production costs (Li et al., 2015a,b). Sometimes, water injection proceeded
primary depletion. Different modes of water injection and their perfor-
mance are summarized in Table 7.4 and discussed separately below. Some
of them are further briefed next.

7.8.1 Pulsed water injection
Pulsed water injection is to change water injection rate at some cycles of
time. Sometimes water injection is completely stopped for some time at
the injectors, but the oil producers are kept flowing. The idea is to generate
pulsed elastic energy. It is a flooding process. The mechanisms of pulsed
water injection are believed to be as follows. (1) Oil is displaced out of
lower-permeability zones by water imbibition. (2) During the high-rate in-
jection period, high pressure drives water from high-permeability zones to
lower-permeability zones to displace oil out. (3) Pulsed pressure pulses
enhance elastic energy. Thus, the conditions to apply pulsed water injection
are heterogeneous, water-wet, and low oil viscosity reservoirs, short normal
injection history, and the facility can enable increase in water injection rate
(Guo et al., 2004). A typical cycle is 30 days injection and 30 days shut in
(Xie et al., 2016). Here is a field case of pulsed water injection.

The porosity and permeability of the An 83 zone in the Chang 7 forma-
tion were 8.9% and 0.17 mD. The rock was weakly water-wet to water-
wet. The formation water salinity was 51 g/L and the water was CaCl2
type. It was a thick formation but there were many separation layers. The
oil viscosity was 1.01 cP in situ and 6.5 cP at the surface. The GOR was
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Table 7.4 Water injection performance of Chinese projects.
Injection mode Field k, mD mo, cP Performance References

Pulsed An 83, Chang7 0.17 1.01 When shut in, P reduced
sharply, fw not reduced.

Wang et al., 2015a

Asynchronous An 83, Chang7 qo increased, fw reduced. Wang et al., 2015a
Huff-n-puff 1 An 83, Chang7 qo increased. Lin et al., 2016
Huff-n-puff 2 An 83, Chang7 Well interference, performance

not as good as huff-n-puff 1.
Lin et al., 2016

Huff-n-puff 3 An 83, Chang7 6 wells had one cycle, and 2
wells had two cycles.
Neighboring non-huff-n-
puff wells outperformed huff-
n-puff wells. The second
cycle performed not as good
as the first cycle.

Lin et al., 2016

Huff-n-puff 4 Chang 6 0.54 4.67 7 day soaking for most of wells,
3 days for the rest. Oil rate
increased. Performance for
7 days better. Optimum well
spacing 300 m.

Wei, 2016

Huff-n-puff 5 Duha Field, Xingjiang 0.1e1 7 days injection (2000 m3 water
injected), initial qo increased
from 0.9 to 5 tons/day,
effective for 9 months, total
incremental oil 155 tons.

Li, 2015
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75.7 m3/ton. Pulsed water injection was performed. It was found that after
water injection was stopped, the reservoir pressure declined fast, and the wa-
ter cut was not significantly reduced. It was not clear what optimal cycle
time should be. Once water broke, the water cut sharply rose up (Wang
et al., 2015a).

7.8.2 Asynchronous water injection
Asynchronous water injection is when injectors are open and producers are
shut in, and vice versa. While the water is injected, injected water is pre-
vented from breaking through producers. While the producers are shut-
in, the water is promoted to enter matrix from fractures by high pressure
difference and capillary pressure. During a short period of shut-in for both
injectors and producers, the pressure is equilibrated among matrix and
fractures. When the producers are open, oil is produced from the matrix
to fractures. Such operation was practiced in the An 83 zone in the Chang
7 formation. The daily rate of oil from the producer An 18 increased from
3.6 to 5.4 tons/day, and the water cut decreased from 100% to 37.2% after
five cycles of operation (Wang et al., 2015a). This method was also practiced
in a metamorphic reservoir where the oil rate was increased from 21.8 to
42.5 tons/day after asynchronous water injection (Li, 2011).

7.8.3 Huff-n-puff water injection
Huff-n-puff water injection injects water and produces fluid at the same
well. Two different huff-n-puff patterns were conducted in two An 83
zones in Chang 7 Field in 2014. In the first zone (Huff-n-puff 1), totally
four wells were tested with one huff-n-puff well in the middle, while the
other two wells in the two sides of the huff-n-puff well were continuous
production wells. In the second zone (Huff-n-puff 2), all three wells were
huff-n-puff wells.

In Huff-n-puff 1, the average daily water injection was 109 m3 and cu-
mulative water injection was 2177 m3. The pressure was raised to 4.7 MPa.
The incremental oil from the huff-n-puff well itself was 419 tons, and the
decline rate decreased from 17.9% to 10.8%. The incremental oil from
the neighboring continuous production wells was 2358 tons, and the decline
rate decreased from 16.6% to 31%. These data show that oil production
benefitted from the huff-n-puff water injection, and the benefit was better
for the two continuous production wells than the huff-n-puff itself. In the
second zone of all four huff-n-puff wells, the wells were interfered, and
the performance was not as good as in the first zone (Lin et al., 2016).
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Around the year of 2015, eight wells were put in huff-n-puff water in-
jection in the An 83 zone (this zone is named huff-n-puff 3 in Table 7.4).
Among these eight wells, 6 wells had one cycle, while the other two wells
had two cycles. Seven wells benefitted from the water injection. The incre-
mental oil from the huff-n-puff wells was 456 tons, but 1127 tons of oil from
the neighbor wells. Among the 6 wells with one cycle injection, two wells,
Well AP 53 andWell An 120, did not see pressure increase, but the neighbor
wells had 497 tons of incremental oil. The rest of the four wells had injection
pressure raised to 7.25 MPa and benefitted. For example, Well AP 83 had
5100 m3 of water injection and 45 days of soaking. Injected water reached
its two neighbor wells AP 48 and AP 84. By June 2016, Well AP 83 had
daily incremental oil rate 2.71 tons, and cumulative incremental oil 361
tons, while its neighbor wells AP 48 and AP 84 had daily incremental oil
4.52 tons, and cumulative incremental oil 596 tons. A second cycle was
put on the two wells AP 20 and AP 21 who performed well in 2014.
Compared with their first cycle, the performance was not good.

Huff-n-puff water injection was also performed in the Chang 6 reservoir,
Yanchang oil field near Qieli Village, Ordos Basin, China (Wei, 2016)
(Huff-n-puff 4 in Table 7.4). The average porosity was 8%, and the average
permeability was 0.54 mD in the reservoir. The oil viscosity at 50�C was
4.67 cP. The formation rock was weakly water-wet with the wettability
index 0.17. The reservoir pressure was 4.25 MPa, and the bubble-point
pressure was 1.12 MPa. The initial well oil daily rate was 0.74 tons. The
rate declined very fast. The water flooding sweep efficiency and injectivity
were low. Therefore, huff-n-puff water injection was proposed. Some
surfactant was added in the water. But no details about the surfactant
were reported. Nine wells in Block G and 20 wells in Block Z were selected
in November 2015. These wells had produced for more than 10 years. The
daily oil rate by March 2016 was less than 0.2 tons on average. The eco-
nomic oil daily rate was 0.3 tons.

For 29 wells, the soaking time was 7 days for most of wells and 3 days for
the rest. Test results showed that 7-day soaking outperformed 3-day soaking
in terms of incremental oil rate. A longer soaking time helped water imbi-
bition and pressure propagation from higher-permeability zones to low-
permeability zones. Water injection volume was 50 m3 for most of wells
and 70 m3 for the rest. Test results showed that higher volume injection
was better. After water injection, the incremental daily oil rate was
0.1e0.4 tons on average.
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Huff-n-puff water injection was also successfully tested in Toutai reser-
voir, Daqing. The permeability was 1.25 mD, and the huff-n-puff cycle was
half to 1 year (Tian et al., 2003). Huff-n-puff water injection was tested in
2007 in Well Niu 15e5 in Niuquanhu reservoir, Tuha Field. The perme-
ability in this area was 0.42e7.84 mD. The soaking time was 108 days. Two
cycles were performed with incremental oil of 1816 tons (Yang et al., 2006;
Tang and Li, 2010).

Huff-n-puff water injection was performed in Duha Field, Xingjiang,
China (Huff-n-puff 5 in Table 7.4). Duha Field was an igneous reservoir.
The porosity was 8.4%e19.1%, and the permeability was 0.1e1 mD. The
initial reservoir pressure was 20.4 MPa (2958 psi) and the reservoir temper-
ature was 60.9e70.7�C. Water was injected in Well Ma-55 from July 18 to
July 24, 2014. The well was fractured. The injection pressure was
30e38 MPa (4350e5510 psi). The injection rate was 285 m3/day. The total
injected water volume was 2000 m3. The oil rate before water injection was
0.9 tons/day and the water cut was 16%. After the huff-n-puff water injec-
tion, the oil rate was 5 tons/day and the water rate was kept constant until
the reporting date (August 2015). The incremental oil was 155 tons
(Li, 2015).

The above field cases show that huff-n-puff water injection generally
worked. The injection, soaking, and production times were quite different
from case to case. Huff-n-puff water injection was even practiced in con-
ventional reservoirs, for example, in the Machang field where the perme-
ability is 90 mD (Li et al., 2001). Some experimental work in high
permeability cores (110e180 mD) was also carried out (Huang Xiang,
2004).
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CHAPTER EIGHT

Fluid-rock interactions

Abstract

This chapter discusses the research results on the interactions between an aqueous so-
lution and a clay-bearing rock. The effects of confining stress, bedding, existing natural
fractures, low-pH and carbonated water, high-pH water and surfactants on the perme-
ability changes from water-rock interactions are discussed. The effects of some of those
factors on rock mechanical properties are also discussed. Some reactions which induce
fractures are introduced.

Keywords: Confining stress; Fluid-rock interactions; Mechanical properties; Natural
fractures; Permeability changes; pH; Reaction-induced fractures; Surfactants.

8.1 Introduction

The fluid-rock interactions to be discussed in this chapter are the
interactions between an aqueous solution and a clay-bearing rock. There
are three reasons we need to study the interactions in shale and tight reser-
voirs: (1) most of fracturing fluids are aqueous fluids; (2) most of chemicals
are injected through aqueous fluids; (3) water injection may still be a practical
EOR method. In conventional reservoirs, it is generally accepted that water-
rock swelling may cause formation damagedreducing formation perme-
ability. However, there are some discrepancies in shale reservoirs regarding
the results of water-rock interactions. Some believe water-rock interactions
also cause formation damage. Some argue that water-rock interactions, espe-
cially the interactions between water and shale, may generate microfractures
or reopen existing natural fractures; therefore, formation may not be
damaged, instead, it may be stimulated. This chapter is to discuss the research
results on the interactions between water and a clay-bearing rock.

8.2 Evidences of microfractures generated or existing
natural fractures reopened

Many papers have been published on water-rock interaction. It is
commonly accepted that water-rock interaction causes formation damage
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(reduce formation permeability). However, it was observed that the water
may help to generate microfractures or open existing microfractures in shale
formations if no confining pressure is applied (Dehghanpour et al., 2013;
Morsy et al., 2013a-c, 2014a-b, Morsy and Sheng, 2014a).

We studied the effect of water hydration swelling on microfracture gen-
eration without confining pressure and observed that shale rocks could be
fragmented or cracked. Fig. 8.1 shows that Mancos shale samples had cracks
and became fragmented by different degrees depending on the salinity. At 5%
and 10% NaCl, the rock samples were fragmented; however, when the
concentration was above 15%, the sample had fewer cracks. Imbibition tests
showed that higher oil recovery was obtained as the salinity concentration
decreased (Morsy and Sheng, 2014a).

In Fig. 8.2, Barnett shale samples showed clear fractures parallel to the
bedding when immersed in distilled water. The imbibition oil recovery
was enhanced, and the measured permeability was significantly increased
owing to the fractures generated.

Fig. 8.3 shows that the Mancos sample exposed to fresh water during
spontaneous imbibition was most sensitive to fresh water as it was highly
damaged due to severe hydration; the Barnett sample showed several cracks
when exposed to fresh water (distilled water); there were cracks on the
Marcellus shale, although they are not clearly seen in the figure; the Eagle
Ford sample was least sensitive to water salinity with no cracks seen (Morsy
and Sheng, 2014a).

Figure 8.1 Mancos rock samples in 5%, 10%, and 15% NaCl solutions.
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The oil recoveries from the Mancos, Barnett, Marcellus, and Eagle Ford
samples exposed to fresh water are presented in Fig. 8.4. The recovery factor
of Mancos was the highest (59%) among all the samples, because the samples
were fragmented, and it was easier for oil to come out of the shale sample.

Figure 8.2 Barnett Shale with clear fractures parallel to the bedding after immersion in
distilled water.

Barnett Marcellus Eagle FordMancos 

Figure 8.3 What Mancos, Barnett, Marcellus, and Eagle Ford samples looked like in
water.
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Figure 8.4 Oil recovery factors (RF) in spontaneous imbibition in fresh water from the
Barnett, Eagle Ford, Mancos, and Marcellus shale samples.
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Eagle Ford and Barnett recovered 20% and 24%, respectively. The cracks
were induced over time in Barnett samples when exposed to the distilled
water. As a result, more oil was recovered. Although no fractures were
visually seen in the Eagle Ford sample, the high oil recovery factor was
obtained. It is believed that the Eagle Ford sample had better-connected
pores. Marcellus sample showed the lowest recovery of about 2% somehow.
It can be seen that the imbibition oil recovery was closely related to the degree
of hydration. More hydration led to higher oil recovery.

Other researchers also observed microfractures generated by hydration.
Dehghanpour et al. (2012) observed that water did not physically damage
organic shales. Water altered shale samples much more than oil (Dehghan-
pour et al., 2013). Gomaz and He (2012) observed secondary fractures
generated along bedding, and more fractures observed in fresh water than
saturated salt mud. Ji and Geehan (2013) conducted studies on shale samples
immersed in fresh water and saturated with salt water and found that shale
hydration swelling stress could cause formation of secondary fractures that
enhance shale oil and gas recovery.

Actually, a few operators have suggested that water adsorbed by minerals
in the rock creates localized clay swelling that may serve to hold open small
fractures and fissures (Hu et al., 2013). In contrast to conventional propped
hydraulic fracture treatments, slick water fracturing relies on the reactivation
of natural fractures to induce permanent shear-induced dilation, which
enhances reservoir permeability (Zoback et al., 2012; Weng et al., 2015).
Sharma and Manchandra (2015) listed five evidences of the existence of
induced unpropped fractures. Although the conductivity of unpropped,
shear-induced fractures is relatively low compared to that of propped frac-
tures, such conductivity has played an important role in enhancing the
productivity of ultralow-permeability rocks like shale (Weng et al., 2015;
Jansen et al., 2015).

Water absorption in shale is often accompanied by a change in the crystal
dimension of clay minerals: this manifests as a swelling of the rock and leads to
cracks and fractures. The swelling pressure may break the natural cementation
of shale and thus secondary fractures may be formed (Ji and Geehan, 2013).

Generally, shale reservoirs have laminated beddings in the form of heavy
disklike cores from vertical wells and small broken cores from deviated wells.
Beside dominant bedding planes, shale also shows networks of smaller weak
planes and natural fractures (Abousleiman et al., 2010). These weak planes
could serve as the sites for secondary fracture creation.
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Xue et al. (2018) found that the organic matter and organic pores in shale
samples were unchanged after hydration, but the fractures were likely to
form between organic matter and inorganic minerals, and microfractures
could probably be generated or induced in inorganic minerals. The cohesive
force between mineral particles became weak after hydration. The nonclay
mineral particles fell off to form inorganic pores, and these pores gradually
developed into microfractures between nonclay and clay mineral particles.
In their experiments, shale samples were not confined during hydration.

Yuan et al. (2018) measured the shale permeability during hydration.
They found that the permeability decreased first, then recovered with
increasing immersion time, as shown in Fig. 8.5. The permeability decrease
was caused by the fact that flowing channels were narrowed byclay swelling.
At later time, the permeability recovery was caused by the wettability toward
more water-wet and by the connection and expansion of induced microfrac-
tures. Again, the shale samples were not confined during hydration.

Shen et al. (2017) measured shale permeability as water imbibed into the
shale sample. The measured permeability was actually effective gas perme-
ability (not absolute permeability) at different imbibition volume (at different
water saturation). Fig. 8.6 shows the permeability changes with water imbi-
bition time for different shale samples. In the beginning, the permeability
was decreased owing to water blockage; then the permeability increased
owing to some cracks created by water swelling; at later time, the permeability
decreased again except Sample Y4 because more water blockage occurred as
more water imbibed. Note that samples were taken out from the imbibition

Figure 8.5 Shale permeability changes with immersion time (Yuan et al., 2018).
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cells and the gas permeability was quickly measured; after that the shale
samples were put back to the imbibition cells for continued imbibition.
And the shale samples were not confined during imbibition. They also
used sandstone samples and volcanic samples to do the same type of experi-
ments for comparison. The permeabilities from sandstone and volcanic sam-
ples were continuously decreased as more water was imbibed.

Santos et al. (1997a) studied the water-shale interactions and found that
the reaction depended on the moisture of rock samples. The evidence of
reactions (core disintegration or created microfractures) was not noticeable
for preserved shale samples even at atmospheric conditions without confine-
ment, but only noticeable for dry samples. Therefore, they concluded that the
shale instability problem was mainly caused by mechanical failure (mud
weight), rather than by chemical interaction between the rock and drilling
fluid, as opposed to their initial hypothesis. Makhanov et al. (2014) observed
that swelling of clay was not the only mechanism that creates microfractures,
because some microfractures are also created with the imbibition of oil despite
having no affinity for absorption in clays. This suggests that some pore pres-
sure is developed due to imbibition of fluid (water or oil) or called mechanical

Figure 8.6 Effective gas permeability at different water imbibition times (Shen et al.,
2017).
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failure, even without clay swelling inside the rock that initiates the creation of
microfractures.

8.3 Effect of confining stress

The above reported lab results were observed at ambient conditions
(without a confining pressure). Based on the reports in the literature and
our work, no doubt, microfractures can be generated when a clay-bearing
rock contacts with water without confinement. During hydraulic fracturing
the shale reservoir matrix is in contact with the fracturing fluid under
confining conditions, and the shale rock interaction with fracturing fluid
will be influenced by in situ stresses. Therefore, we are more interested
whether microfractures can be formed under confining stresses.

It can be understood that when water enters the inner structure of rock
grains, swelling causes the rock grains to be disintegrated without confine-
ment; with confinement, the swelling pressure increases. Behnsen and Faulk-
ner (2011), Duan and Yang (2014), and Faulkner and Rutter (2000) reported
that with isotropic confining pressure, significant reduction was observed on
clay-bearing rocks or montmorillonite sample permeability measured with
water. Whether or not fractures can be induced to increase permeability
during water imbibition in shale under an isotropic compressive stress remains
controversial.

Onaisi et al. (1993) studied the swelling and swelling-induced fracturing
of cylindrical drained Pierre shale samples in contact with water-based mud
placed in a central cylindrical borehole. When the water activity of the mud
was greater than that of the shale, swelling, large deformation of the well-
bore and fractures appeared, the fracture pattern depending on the confine-
ment conditions. When a sample was not confined, fractures were mainly
radial; and when a sample was confined, fractures were mainly circular,
with some well-developed slip lines around the borehole. When water
activities of mud and shale were in balance, virtually no alteration of the
wellbore was seen. Their borehole configuration can be considered equiv-
alent to the fractured shale condition.

Santos and da Fontoura (1997) also stated that swelling only occurs if the
water equilibrium inside the rock is disturbed, being subsequently contacted
by different fluids. Santos et al. (1997a) observed that dehydrated shale cores
were more reactive to water than preserved cores; wellbore instability was
more caused mechanically (mud weight) than chemical reaction.
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Similarly, Chenevert (1969) found that the swelling pressure induced by
water adsorption on clay minerals could be extremely high. This was the
case of crystalline swelling for the first layers of water adsorbed on the
surface. Equations to estimate the potential swelling pressure of shale were
suggested as a function of the activity of the water in the shale. The adsorp-
tion of water by clay platelets induces large internal stresses in confined sam-
ples or expands the unconfined samples (Chenevert, 1970). Adsorption of
water on the surface of negatively charged clay platelets develops internal
expansive stresses, and in turn expands and disintegrates the unconfined shale
samples (Hensen and Smit, 2002; Steiger, 1982).

When Sun et al. (2015) did imbibition tests, core surfaces were sealed
with epoxy except the two end surfaces were open. They observed micro-
fractures generated during imbibition. The epoxy prevented the cores from
falling apart owing to fracturing.

Zhang and Sheng (2018) studied the effect of water imbibition on fracture
generation in Mancos shale cores under isotropic stress conditions using an
isotropically confined core holder. Slices along the axial direction of the shale
core were obtained by CT scanning. An NL3000 CereTom X-ray CT scan-
ner made by NeuroLogica Company was used to conduct the CT tests. The
CT scanner’s minimum recognizable slice volume was 0.1225 mm3 (with a
slice thickness of 1 mm) and spatial resolution was 0.35 � 0.35 mm. The
relative density resolution for the CT machine was 0.3% Hu. To improve
the contrast, an adaptive pseudocolor enhancement method (Li et al.,
2011) based upon gray scale-color transformation and Otsu thresholding seg-
mentation (Otsu, 1979) was adopted to create color images.

Fig. 8.7 shows the two-dimensional cross-sectional images from CT scan-
ning and those after adaptive pseudocolor enhancement. In the figure, po
denotes injecting fluid pressure or pore pressure, icp means isotropic
confining pressure. In these three tests, po is the same (0.03 MPa). Each frac-
ture is circled with a red line. The image shown in the figure is taken at the
middle of the inlet surface (far left line) and the red vertical line (approxi-
mately 1.25 mm distance from the inlet surface). This location should be fully
water-saturated at each time except the initial time. For the Mancos shale
under 0.1 MPa confining pressure (a), during the 72 h of water imbibition,
among the initial 11 fractures, two fractures propagated to become two large
fractures across the whole core. Under the 2.0 MPa confining pressure (b),
during water imbibition seven fractures were popped up, but only one existed
on the cross-section at the end of the test. Under the 20.0 MPa confining
pressure (c), 12 obvious fractures were observed to pop up during water imbi-
bition, but only four new generated small fractures were observed on the
cross-section by 72 h.
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From these three tests, the following observations can be made.
(1) Under a lower confining pressure, more fractures were generated dur-

ing the initial water imbibition.
(2) Generated fractures could be closed, reopened, closed and reopened.

In other words, opening or closing of a fracture was dynamic,
depending on the water concentration change rate and stress conditions
(Zhang and Sheng, 2017a; 2017b, 2017c, 2018).

(3) At the end of each test, very few fractures remained open, regardless of
the magnitude of confining pressure, which were also observed earlier
(Zhang and Sheng, 2017a; 2017c).

Figure 8.7 CT images of Mancos shale core under various icps (the CT cut face image at
72 h was reconstructed using the all cross-section images).
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Zhang and Sheng (2018) also measured shale (Mancos) strain changes
during water imbibition under isotropic confining pressures. Cylindrical
samples of 38 mm diameter and 76 mm length were used during the shale
swelling experiments. Shale swelling strain was tested. The strain gauges
(1.78 mm width and 3.18 mm length) were cemented to the surface of
the samples to measure strain in axial and lateral directions. A waterproof
silicone rubber (an excellent electrical insulator, even in brine) was used as
a protective coating for the strain gauges and connections. All measurements
were carried out at room temperature, which was kept largely constant and
was recorded for control. The sample with the strain gauge frame was then
placed in a beaker and the core inlet surface was immersed in the distilled
water. The strain was recorded continuously for nearly 2 days until the value
remained constant. The Hoek triaxial cell shown in Fig. 8.8 was used to apply
confining pressure, and an HCM-0032 compression machine (Humboldt
Mfg., Elgin, Illinois) could be used to apply an axial load.

During water imbibition, with the confining pressure increasing from 0 to
20.0 MPa, the radial and the axial swelling strains are shown in Fig. 8.9.
Hydration swelling stress acts as the volume stress to induce plastic swelling
strain (Heidug and Wong, 1996). Although the hydration-induced fractures
experienced a dynamic process of opening and closing locally, the swelling

Figure 8.8 Cutaway view of Hoek triaxial cell.
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strain that was considered the total core swelling increased significantly first
and then gradually stabilized. Swelling strain reduced due to compressive
stress as the confining pressure was increased. It can be understood that a shale
core can expand with water imbibition without confining pressure, probably
resulting in larger pores or higher permeability. However, with a high
confining pressure but the rock expanding, pores must shrink. The confining
pressure has a significant effect on the water-rock interaction. These results are
consistent with the observation from Ewy and Stankovic (2010) that
confining pressure can significantly prevent induced swelling from occurring;
there exists a threshold confining pressure below which swelling decreases
with confining pressure.

Roshan et al. (2015) studied fracturing under isotropically confined condi-
tions (by hydraulic pressure). A fracturewas observed on a bedding planewhen
a shale core was immersed in deionized water for 40 h under 1000 psi, but the
fracture formation took a longer time than the case without confinement.
Note that the core could still expand under such hydraulic confinement.

To study the effect of anisotropic stresses, an anisotropic core holder was
needed by Liu and Sheng (2019). Fig. 8.10 is the schematic of an anisotropic
core holder which can be used under CT scan. The part 7 controls the
confining pressure in the radial direction of the core, while the part 9 con-
trols the axial pressure.

For water to be able to contact a core quickly, a hole of 13 mm diameter
and 15 mm in length was drilled in a core of w38 mm in diameter and
w51 mm in length, as shown in Fig. 8.11 (Liu and Sheng, 2019). The sam-
ple was put in an FCH aluminumwrapped triaxial core holder. A fluid could
flow into the core sample through the hole and the core end face. An axial

Figure 8.9 Swelling strain of Mancos shale cores during water imbibition under
different isotropic confining pressures.
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Figure 8.10 Schematic of anisotropic core holder and related CT parts: 1 e Rubber
sleeve, 2 e Load block, 3 e Steel sleeve, 4 e CT scanner, 5 e X-ray source, 6 e Shale
core, 7 e Fluid for radial confining pressure application, 8 e Test solution injected
into shale, and 9 e Fluid for axial confining pressure application.

Figure 8.11 (1) An example core used in the experiment, a hole with dimensions of
15 mm length and 13 mm diameter was drilled from the core inlet surface; (2) images
near the hole; (3) images far away from the hole.
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pressure could be set different from the confining pressure. For the CT
images, darker color represents pores and fractures.

Three Eagle Ford core samples were used to conduct oil imbibition tests
for 48 h first; after drying, water imbibition tests were conducted for 48 h.
The test conditions and masses after imbibition are listed in Table 8.1.

Fig. 8.12 shows the images after the sequential imbibition tests. All the
images were parallel to the core axial through the middle of core. The

Table 8.1 Test conditions and masses after imbibition.

Label

Axial
stress
(psi)

Confining
stress (psi)

Pore
pressure
(psi)

Imbibition
fluid

Mass after oil
imbibition
test (g)

Mass after
water
imbibition
test (g)

EF-1 500 500 100 Oil, water 127.686 124.91
EF-2 1350 500 100 Oil, water 133.49 135.263
EF-4 3000 500 100 Oil, water 132.633 132.4
EF-7 3000 3000 100 water 126.45

Figure 8.12 CT images after oil and water imbibition tests.
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resulting images are the subtraction of the CT numbers after and before test.
For EF-1, it was under isotropic stresses. No fractures were visible for both oil
and water imbibition tests. For EF-2, it was under anisotropic stresses, no frac-
tures were visible either, probably because the stress difference was not large
enough. Compared with EF-1, there were more darker points indicating
more pore space. For EF-4, the difference between two stresses was larger.
One visible fracture was closed during the oil imbibition test, but it reopened
and grew during the water imbibition test. For EF-7, although the axial stress
and the confining stress were the highest, they had the same value, and no
fracture was visible at the end of water imbibition. Two conclusions can be
made from these tests: (1) it is easier to generate fractures by water than oil;
(2) it is easier to generate fractures under anisotropic stress conditions than
isotropic stress conditions.

8.4 Effect of bedding

Bedding or lamination is ubiquitous in shale rocks. It has been observed
that fractures prefer to form along the beddings (Moradian et al., 2017; Liu and
Sheng, 2019). Fluid imbibition is faster in the direction parallel to the lamina-
tion than that is perpendicular (Ghanbari and Dehghanpour, 2015). Guo et.al.
(2012) analyzed the drilling performance of more than 200 Eagle Ford shale
wells drilled by 31 operators in 22 countries from 2008 to early 2011. They
found that the water-based mud-shale interaction resulted in fracturing and
delamination along the bedding and enlargement of preexisting fractures.

8.5 Effect of existing natural fractures

In contrast to conventional propped hydraulic fracture treatments, water
fractures rely on reactivation of natural fractures to induce permanent shear
induced dilation, which enhances reservoir permeability (Chen et al., 2000;
Weng et al., 2015). Hydraulic fracturing is performed where shear failure is
anticipated to dominate (Zoback et al., 2012) in shale under anisotropic stress.

In the core EF-4 in Fig. 8.12, the existing fractures after water imbibition
were propagated and connected to form a longer fracture. Lei et al. (2017)
also observed that new fractures could propagate from the tips of natural
fractures driven by tensile failure and connection between other small frac-
tures nearby.
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8.6 Permeability changes from water-rock
interactions

If microfractures are generated, the flow capacity near fractures may be
improved. If the fractures can be connected to form a network, then perme-
ability would be improved in a large scale. Zhang et al. (2017) and Zhang
and Sheng (2017c) measured the permeability after hydration under isotropic
compressive stress using an Autolab-1000 servo-hydraulic operated system
(New England Research Company, USA). The measurement principle is
based on a pulse decay method. The higher upstream is imposed, and the
downstream pressure is recorded. They found that the permeability was higher
using a higher KCl concentration. It implied that the hydration or swelling
caused formation damage.

Zhou et al. (2016) measured shale gas permeability during water imbibi-
tion. Although they concluded that the shalematrix permeability and fracture
permeability were reduced, the permeability reduction was actually the
reduction in the effective gas permeability. The causes of the reduction
were not supported by data, although they claimed rock swelling. But one
main reason is the increased water saturation that blocked gas flow. They
also found that shale permeability was increased if there initially existed
microfractures, because water imbibition reopened those microfractures
because of shear and tensile failure.

Behnsen and Faulkner (2011) compared the permeability of compacted
and confined phyllosilicate powders measured using argon and that using
water. The argon permeability was always higher than water permeability
(up to 1.8 orders of magnitude). They attributed the difference to the hydro-
philicity of testedminerals and hydrogen-bonding surface properties. They did
not report the generation of fractures.Moghadam andChalaturnyk (2015) also
reported that measured gas permeability is higher than the liquid permeability.

Duan and Yang (2014) measured the permeabilities of fault rocks from the
rupture ofWenchuan earthquake using nitrogen gas and distilled water under
the confining pressure ranging from 20 to 180 MPa at a room temperature.
The water permeability was about half order smaller than the gas permeability
corrected by the Klinkenberg effect. They attributed the difference to the
reduction of effective pore size caused by the adhesion of water molecules
to clay particle surface and water-swelling of expandable clay minerals.
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Faulkner and Rutter (2000) also attributed the permeability reduction to
the water adsorption on mineral surfaces so that the pores became smaller;
the permeability reduction might not be caused by clay swelling. In other
words, nonswelling minerals could also have lower water permeability.
For this liquid adsorption mechanism to inhibit flow, the pores must be
very small, probably few nanometers. Zhang and Sheng (2017a, 2018)
also observed that the shale core permeability measured using water is several
times up to 100 times lower than that measured using nitrogen, after the
cores were hydrated. However, in their original paper, they attributed this
difference to clay swelling, which is not. It is caused by liquid adsorption
in small pores.

Roshan et al. (2015) measured the upstream pressure (with the down-
stream being atmospheric), when a fractured core (split into two halves)
was flooded. The core was under 1000 psi (6.9 MPa) confining pressure.
A 10 wt.% NaCl solution, followed by deionized (DI) water, was injected
into the core for approximately 4 h. Fig. 8.13 shows the upstream pressures
of the core when 10 wt.% NaCl solution and DI water were flooded. The
upstream pressure maintained almost constant in the case of 10 wt.% NaCl

Figure 8.13 Upstream pressure measurements versus time during the fracture perme-
ability test when (A) 10 wt.% NaCl solution was used, and (B) deionized water was used
(Roshan et al., 2015).
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solution, while it reduced from 8 psi to almost 7 psi when flooded by DI
water, indicating the fractured core permeability was increased. In their
experiment, the core was not confined in the axial direction. They found
that rock particles had been detached from the fracture surface due to hydra-
tion (see Fig. 8.14). The surface hydration increased the internal forces
within clay minerals mostly through crystalline swelling and caused the
clay or surrounding particles to detach from the fracture surfaces to be
subsequently washed out by water flowing through the fracture. As the
effective aperture of the fracture became wider, the permeability was

Figure 8.14 (A) Swelling of the sample with deionized water injection, (B) the disinte-
gration of the rock particles on the fracture surface (Roshan et al., 2015).
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increased. However, particle detachment may clog the pores depending on
the mass of solids being mobilized and the fracture network structure.

By the way, Fig. 8.15 shows the axial displacements of the core measured
by LVDT when flooded by the 10 wt.% NaCl solution and DI water,
respectively. The sample shrank slightly when exposed to the NaCl solution
(Fig. 8.15A), while relatively larger axial swelling of 0.03% is observed in the
test with DI water (Fig. 8.15B).

Improvements to microfracture generation from water-shale interactions
could lead to improved rates and recoveries. However, Kurtoglue (2013)
reported that for all the Bailey shale cores, a higher oil volume was displaced
than the water imbibed in the core. The water used was fracturing fluid and
2% KCl water. That means the swelling reduced pore volume; the pores
became smaller; and the permeability became lower. In other words,
swelling reduced core permeability. She also reported that the average oil
recovery was 50%e60% from high permeability laminated clay-rich samples
(samples 1e3), and 23% from low permeability calcite-rich sample (sample
4). Those samples were more oil-wet, but water imbibition took place

Figure 8.15 Axial displacement measurements show (A) slight shrinkage (positive
displacement) of the shale core when a 10 wt.% NaCl solution was flooded, and
(B) swelling (negative displacement) when deionized water was flooded (Roshan
et al., 2015).
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through some water-wet pores. In addition, she reported higher imbibition
oil recovery in low-salinity water than in high-salinity water. Low-salinity
water will have higher reactivity, resulting in more swelling. Then most
likely, more fractures would be created, if swelling could. But her data
did not indicate swelling created fractures or resulted in higher permeability.

Clay swelling may decrease matrix permeability and natural fracture
permeability, but induced fracture may result in permeability increase.
Whether the permeability is increased or decreased depends on the balance
between the two factors, as Singh (2016) described in Fig. 8.16.

8.7 Effect on rock mechanical properties

Hydration swelling due to water imbibition can weaken the mechan-
ical strength of shale (even more than 60%) (Wong, 1998; Al-Bazali, 2013;
Cheng et al., 2015), and it can reduce the shear-induced fracture conductiv-
ity (Pedlow and Sharma, 2014; Jansen et al., 2015).

Zhang and Sheng (2018) used experimental setup shown in Fig. 8.8 to
find the stress difference (s1 e s2) required to generate shear-induced frac-
tures in a shale rock before and after water imbibition under some isotropic
pressure. The stress differences required were 58.7, 40, and 24.4 MPa,
respectively, for Mancos cores after water imbibition without confining
pressure, at the confining pressure of 20 and 2 MPa. When the isotropic
confining is zero (at an atmospheric condition), no stress difference was
required. See Fig. 8.17. The data show that the rock was more difficult to
fracture under water imbibition at a higher isotropic confining pressure.
These data also suggest that refracturing would be easier as the rock was
already imbibing water.

Figure 8.16 Schematic to describe permeability change due to water imbibition for
(A) matrix and natural fractures, (B) microfractures, and (C) the whole rock sample
(Singh, 2016).
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Akrad et al. (2011) measured the shale rock strength before and after they
exposed to 2% KCl slick water and fresh water. Fig. 8.18 shows that 2% KCl
slick water weakened the shale rocks by reducing Young’s modulus. The
rock was defined a soft rock if the Young’s modulus was <30 GPa, and

Figure 8.17 (A) Stress (s1es3) required to generate shear-induced fractures in Mancos
after being hydrated, (B) CT images before and after being fractured.

Figure 8.18 Young’s moduli for different shale rocks before exposure to slick water at
the room temperature (X-axis) and after (Y-axis) exposure to slick water at 300�F for
48 h. Data from Akrad, O.M., Miskimins, J.L., Prasad, M., 2011. The effects of fracturing
fluids on shale rock mechanical properties and Proppant Embedment. Paper SPE 146658
Presented at the SPE Annual Technical Conference and Exhibition, Denver, Colorado, USA,
30 October-2 November. doi:10.2118/146658-MS.
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hard rock if >30 GPa. Under the same conditions (300�F for 48 h), the
Young’s modulus of a middle Bakken core reduced by 52.39% and
51.97% when exposed to 2% KCl water and fresh water, respectively; the
Young’s modulus of a Bakken core reduced by 32.88% and 40.61% when
exposed to 2% KCl water and fresh water, respectively. When the Young’s
modulus was reduced, the fracture conductivity was decreased (see
Fig. 8.19). Morsy et al. (2013a) reported 5% NaCl and HCl solutions also
weakened Eagle Ford shale samples.

Abousleiman et al. (2010) found that Middle Woodford shale was weak-
ened when exposed to the oil-based mud with low-salinity (50,000 ppm
CaCl2). But the ultimate strength of the shale increased when exposed to
the high salinity oil-based mud, indicating that shale strengthening by
appropriate fluid chemistry is possible. Interestingly, their experimental
data even showed that shale strength was increased with longer exposure
time to two water-based mud. Generally, water would weaken the shale
strength. Younane Abousleiman (personal communication on February
20, 2019) explained that those fluids were emulsified (different additives
added to water-based muds and intended to minimize water-shale invasion
effects). Apparently, those mixes increased shale strength. However, detailed
additives were not unknown.

Figure 8.19 Fracture conductivity reduction corresponding to Young’s modulus reduc-
tion for different shale cores exposed to 2% KCl slick water at 300�F for 48 h. Data from
Akrad, O.M., Miskimins, J.L., Prasad, M., 2011. The effects of fracturing fluids on shale rock
mechanical properties and Proppant Embedment. Paper SPE 146658 Presented at the SPE
Annual Technical Conference and Exhibition, Denver, Colorado, USA, 30 October-2
November. doi:10.2118/146658-MS.
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8.8 Further discussions and summary of views and
hypotheses

From the above discussions, we can conclude that if a clay-bearing rock
is not confined, microfractures may be generated. More microfractures may
be generated owing to shear failures under anisotropic stress conditions
than under isotropic stress conditions. Fracture opening, closing, reopening,
and reclosing are a dynamic process, as the hydration conditions are changed.

The views on the interactions of water-clay bearing rock are not agreed in
terms of microfractures or permeability. Clays are fine crystalline particles
with two-dimensional arrays of either silicon/oxygen tetrahedral or
aluminum (or magnesium)/oxygen hydroxyl octahedral. Clays can be classi-
fied into five categories: montmorillonite, illite, kaolinite, chlorite, and atta-
pulgite (van Olphen, 1977). All natural clays have hydrophilic surfaces that
can adsorb water and some ion species. Hydration of clays in a suspension
brings about a repulsive force between particles. In addition, the water being
adsorbed on clays in a formation dissolves the existing salts and results in the
increase of swelling pressure,which causes the particles clusters to be dispersed
in the water medium. Therefore, whenwater contacts swelling clay, the rock
will swell. But whether the swelling will generate microfractures or reopen
existing natural fractures remains unconfirmed. Groisman and Kaplan
(1994) studied the influence of the bottom friction on the size and pattern
of created fractures during desiccation experiments. Fig. 8.20 shows the
formed fractures. In their experiment, rock samples lost water and
contracted, so that tension was reduced, and fractures were created. Such
experiments are opposite to water imbibition and rock swelling. From their
experiments, swelling may not create microfractures.

Figure 8.20 Pictures of experiment showing fracture creation during desiccation:
(A) glass plate uncoated, (B) bottom coated with 2 mm of grease, and (C) bottom
coated with 6 mm of Vaseline (Groisman and Kaplan, 1994).
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However, water adsorption by clay minerals generates swelling pressure
that can be extremely high if water equilibrium inside the rock is disturbed
by its subsequent contact with different fluids (Chenevert, 1969; Santos
et al., 1997b). Liquid water or some reactive species in the crack tip
environment can facilitate crack propagation by promoting weakening
reactions. For the quartz/water system, reactions of the form

ð� Si�O� Si�ÞþH2O/ð� Si�OH $HO� Si�Þ
may occur. The strong silicon-oxygen bonds are replaced with much
weaker hydrogen bonds (Scholz, 1972; Martin, 1972; Swain et al., 1973;
Atkinson, 1979; Atkinson and Meredith, 1981). This phenomenon is
termed “stress corrosion” in the literature (Atkinson, 1982). To prevent this
problem, nonaqueous fluids based on diesel oil or mineral oil is used (Mehtar
et al., 2010). All of the rock-chemical solution combinations from Karfakis
and Akram (1993) show a statistically significant decrease in fracture
toughness, as well as a decrease in the work of fracture required in crack
initiation when compared to dry samples. If the chemical environment
contains species which can undergo ion exchange with species in the solid
phase, lattice strains may result from ion exchange which can facilitate crack
extension, for example, exchange of H� for Naþ in silicate glasses (Wie-
derhorn, 1978). Other studies (e.g., Dunning et al., 1980) show that sur-
factants cause a reduction in the bonding forces across the crack or fracture,
and that zeta potential of the fluid environment and chemical interaction
between a fluid and rock surface, such as ion exchange, also affected
microfracture propagation and growth.

Some solids contain dissolved chemical impurities, such as structurally
bound water in quartz, which if present in sufficient quantities can have a
degrading effect on strength. During crack propagation, stress-directed
diffusion of these chemical impurities to crack tips may occur, resulting in
weakening reactions and facilitating crack extension (Schwart and Mukher-
jee, 1974). On the other hand, Abousleiman et al. (2010) found that the
shale strength was increased when the shale was exposed to the high salinity
oil-based mud, confirming that shale strengthening by appropriate fluid
chemistry was possible (Hemphill, 2008). Bol et al. (1994) concluded that
salt and certain organic solvents were effective inhibitors of shale instability
if the concentrations were high enough. Carminati et al. (1999) studied the
effect of anions on shale stability, and Lu (1988) studied the effect of poly-
meric drilling fluid on shale stability.

Inducing fractures in shale depends uponwhether the swelling stress can be
larger than the fracture closure stress. Smectite clays formed in a “T�O�T”
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layeredpatternmade from tetrahedral (T) silicate sheets surroundingoctahedral
(O) aluminum sheets have layers approximately 10 Å thick. The clays have the
tendency to expand up to 20 times their original volume (Park et al., 2016)
and a high swelling pressure exists due to water adsorption on smectite clays.
The amount of smectite clays in shale is the major factor influencing swelling
stress. Wang and Rahman’s (2015) water leak-off model shows that the total
water flux into shale matrix during a hydraulic fracturing treatment is
controlled by capillary pressure, osmotic pressure, and hydraulic pressure of
different solid components. The invaded water volume increases with the
increase of clay content and the decrease of organic matter.

As reported byWong (1998), Zhang et al. (2016), Al-Bazali et al. (2007),
and Al-Bazali (2013), hydration swelling due to water imbibition can
weaken the mechanical strength of shale (i.e., water-weakening effect).
Therefore, hydration softening of shale can possibly be used to enhance
the shear failure of shale rocks and the generation of fractures.

Fu et al. (2004) studied the heterogeneity effect on fracture generation
when the temperature was elevated. They observed that heterogeneity pro-
moted fracture generation during temperature alterations (Fig. 8.21). Different
materials have different thermal expansion behaviors. Raising or reducing
temperature creates strain contrasts between the two adjacent materials.
The difference in strain may create internal shear stresses and promote fracture
generation. Shale is typically heterogeneous and laminated and contacts clays
which have different swelling properties from other minerals. Based on the

Figure 8.21 Fractures formed between two adjacent materials because the difference
in their strains created internal shear stress and promoted fracture creation (Fu et al.,
2004).
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Schmitt et al. (1994) laboratory analysis and the numerical results ofWang and
Rahman (2015) water leak-off model, the first shale microfailure mode is the
tension crack mode. Another failure mode is the sliding crack between the
interfaces of different solid components, which can be represented similarly
by Fig. 8.21. Before fracture treatment, the stress state of shale is in equilib-
rium. After water leak-off into the shale matrix, an additional pressure is
induced to the pore in each component. Because the pore pressures are
different now in each component, the effective stress of each component is
different, and this difference will result in a slip at the interface (shear failure);
thus microcracks or fractures are generated. Rahman et al. (2002) also stated
that the offset of two rough interfaces due to shear stress perturbation can
greatly increase the permeability of the reservoir. From this point of view,
swelling due to water imbibition may create microfractures.

As mentioned earlier, it has been observed that fractures can be created
without confinement in laboratory. In an organic-rich shale reservoir, the
tensile fractures induced by water imbibition are possible, because
the organic matter may provide the displacement space, and the capillary
pressure and clay swelling pressure may lead to tensile stresses to exceed
the tensile strength to grow the fractures (Yang et al., 2015). They further
used a discrete particle model to explain the fracturing mechanisms in
different boundary conditions. Without confinement, shale matrix expands
freely, and disordered microscopic failures occur (Fig. 8.22A). The fracture
networks will be able to grow and cause macroscopic failures. Under
confinement, the displacement space is provided by organic materials, but
tensile failures or created fractures will be smaller (Fig. 8.22B). Under
confinement in a standard triaxial test, the cracks will grow in the direction
of maximum stress S1, leading to the global failure plane (Fig. 8.22C). This
feature differs largely from conventional rocks.

Even if microfractures are formed, these microfractures may not form a
network; therefore, whether the rock permeability is enhanced remains
questionable. Apparently, using clay stabilizers in fracturing fluids is more
practiced in the oil industry. Typical clay stabilizers are choline chlorite
((CH3)3NCH2CH2OHCl), KCl, and TMAC ((CH3)4N

þCl� often abbre-
viated further as Me4N

þCl�, tetramethyl ammonium chloride).

8.9 Effect of low-pH and carbonated water

Shale is generally considered to be composed of material that has little or
no acid solubility.Clay,finequartz, and organicmaterialmake up the “default”
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shale specimen. However, lab data shows that most shales are very heteroge-
neous at the microscopic scale; they have some acid-soluble minerals. Some
shales like Caney have high content of calcite (Grieser et al., 2007).

In a hydraulic fracturing operation, an acid (HCl) preflush is commonly
practiced to low the rock compressive strength near the wellbore, to remove
drilling and completion damage, and to enhance microfracture connectivity
by removing calcite (Fontaine et al., 2008). Typical acid concentrations are
0.08%e2.1% of the total fluid pumped in shale formations (McCurdy,
2011). Morsy et al. (2015) observed that the shale rock mechanical strength
(Young’s modulus and breakdown pressure under uniaxial compressive
tests) was decreased, and the porosity became higher, when shale rock sam-
ples were immersed in low-concentration (up to 2%) HCl solutions. The oil
recovery from spontaneous imbibition increased with HCl concentration.

Grieser et al. (2007) reported that when acid pads and sand slugs were
alternatively injected in an S.E. Oklahoma Woodford frac job, unexpected
pressure drop was observed when the acid pads hit the perforations, and gas
rate was increased. Table 8.2 shows the pump schedule in the Woodford

Figure 8.22 Tensile fractures in organic-rich shale with different boundary conditions:
(A) no confinement, (B) displacement confinement, and (C) stress confinement. The red
lines (black lines in print version) represent tensile failures, whereas the blue lines (dark
gray lines in print version) show shear failures (Yang et al., 2015).
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Table 8.2 Pump schedule in a Woodford shale frac. job (Grieser et al., 2007).

Stage Vol., gal Fluid
Conc., Ibm/
gal Proppant

1 Acid
spearhead

4,000 15% HCl acid

2 Pad 26,400 Pad and flush
3 Sand slug 5,000 Treated water 0.1 Premium

Brown-30/70
4 Pad 26,400 Pad and flush
5 Sand slug 5,000 Treated water 0.15 Premium

Brown-30/70
6 Pad 26,400 Pad and flush
7 Sand slug 5,000 Treated water 0.2 Premium

Brown-30/70
8 Pad 26,400 Pad and flush
9 Sand slug 5,000 Treated water 0.25 Premium

Brown-30/70
10 Pad 26,400 Pad and flush
11 Sand slug 14,240 Treated water 0.1 Premium

Brown-30/70
12 Acid 7,120 28% HCl acid

cut on the fly
to 3%

13 Sand slug 14,240 Treated water 0.19 Premium
Brown-30/70

14 Acid 7,120 28% HCl acid
cut on the fly
to 3%

15 Sand slug 14,240 Treated water 0.28 Premium
Brown-30/70

16 Acid 7,120 28% HCl acid
cut on the fly
to 3%

17 Sand slug 14,240 Treated water 0.37 Premium
Brown-30/70

18 Acid 7,120 28% HCl acid
cut on the fly to
3%

19 Sand slug 14,240 Treated water 0.46 Premium
Brown-30/70

20 Acid 7,120 28% HCl acid
cut on the fly
to 3%

21 Sand slug 14,240 Treated water 0.55 Premium
Brown-30/70

(Continued)
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shale frac job. About 3% HCl was used in the acid pad. The total acid pad
volume was about one-third of the total fracturing fluid volume.

Carbon dioxide (CO2) EOR is a popular EOR method. CO2 injection
results in carbonate water because there is generally water in reservoirs.
Carbonated water is a low-pH solution. Takahashi and Kovscek’s (2009)
experiments showed that the oil recovery factors of spontaneous countercur-
rent imbibition from carbonated water and HCl (low-pH) are similar
(Fig. 8.23). The oil recovery factors from neutral pH brine and a high-pH

Table 8.2 Pump schedule in a Woodford shale frac. job (Grieser et al., 2007).dcont'd

Stage Vol., gal Fluid
Conc., Ibm/
gal Proppant

22 Sand slug 14,240 Treated water 0.64 Premium
Brown-30/70

23 Sand slug 14,240 Treated water 0.73 Premium
Brown-30/70

24 Sand slug 14,240 Treated water 0.82 Premium
Brown-30/70

25 Sand slug 14,240 Treated water 0.9 Premium
Brown-30/70

26 Flush 3,655 Pad and flush
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Figure 8.23 Oil recovery of spontaneous countercurrent imbibition of different pH
brines (Takahashi and Kovscek, 2009).
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solution (NaOH) are also presented in this figure. It shows that no oil was
recovered from the brine, indicating the core was non-water-wet; the oil
recovery was the highest for the high-pH solution, probably the NaOH
solution reacted with the crude to have generated some surfactant. The initial
low rate of oil recovery from the high-pH brine was due to the lower inter-
facial tension which resulted in lower capillary pressure as a main drive force.

Takahashi and Kovscek (2009) also conducted forced displacement
experiments. The final oil recovery factors were 65%, 70%e80%, and
95% for the neutral pH brine, low-pH and carbonated water, and high-
pH brine, respectively, as shown in Fig. 8.24. The highest oil recovery for
the high-pH brine was attributed to the lower interfacial tension.

Moore et al. (2017) studied the fracture permeability of a fractured
Bakken shale sample and a fractured Marcellus shale sample exposed to
liquid CO2 flow. The confining pressure was 3000 psi (20.68 MPa) and
the pore pressure was 1000 psi (13.79 MPa). They observed that the fracture
permeability was reduced several times to tens of times as the cores were
exposed to the liquid CO2 for up to over 300 h. However, they concluded:
“CO2 does not appear to reduce intrinsic fracture permeability signifi-
cantly.” Those shale samples did not have a high account of swelling min-
erals. It was implied that swelling minerals would reduce matrix and fracture
permeabilities.
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Figure 8.24 Oil recovery of forced displacement using different pH brines (Takahashi
and Kovscek, 2009).
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8.10 Effect of high-pH water

High-pH water is typically sodium hydroxide and sodium carbonate
solution used in conventional EOR projects. Several EOR mechanisms
are proposed in the literature.
(1) A high-pH solution reacts with crude oil to generate surfactant in situ so

that surfactant-related mechanisms can be expected (Sheng, 2011).
(2) Emulsification and entrapment of oil improves the sweep efficiency of

the high-pH solution (Johnson, 1976).
(3) Emulsification and entrainment of oil improves the recovery of residual

oil (Johnson, 1976).
(4) Wettability is altered from oil-wet to water-wet or water-wet to oil-wet

(Johnson, 1976).
(5) When alkaline and surfactants are injected together, their synergy will

reduce surfactant adsorption and the microemulsion phase behavior of
the in-situ generated surfactant is improved (Sheng, 2011).

(6) Alkalies also react with divalents like calcium and magnesium to give pre-
cipitates and deposit on higher-permeability channels, switching the
subsequent water to lower-permeability zones where more oil remains.
As mentioned earlier, the high-pH solutions resulted in the highest

recovery in spontaneous imbibition and forced displacement in tight sili-
ceous reservoirs, probably due to lower interfacial tension and wettability
alteration to more water-wet. In this section, we focus on the interactions
of alkaline solutions with shale or tight rocks.

Fig. 8.25 shows the Barnett shales after being immersed in alkaline solu-
tions of different NaOH concentrations. With higher NaOH concentrations,
the samples became more dissolved and more fragmented. These results

Figure 8.25 Barnett shale samples after being immersed in (A) 0.1 wt% NaOH water,
(B) 2 wt.% NaOH water, and (C) 2 wt.% NaOH and 2 wt.% of KCl water.
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showed that water at different alkaline solutions had different degree of reac-
tions with shale rocks. The spontaneous oil recovery from cores (a), (b), and
(c) were 17%, 15%, and 20%, respectively (Morsy and Sheng, 2013c). The
core (c) had the highest oil recovery with it being most damaged or reacted.

Fig. 8.26 presents the oil recovery factors of spontaneous imbibition of
different solutions (Morsy et al., 2016). It shows that the oil recovery
from the 30 wt.% KCl solution was 9.4%, and 31%e40% from high-pH
solutions (pH from 11.7 to 13). The oil recovery factors did not show a clear
trend with pH, probably caused by the difference in Mancos core quality. A
trend between oil recovery and pH was not established for other shale core
samples (Morsy et al., 2016). Interestingly, the distilled water’s oil recovery
was 59% higher than alkaline solutions. They observed that the core
immersed in the distilled water was more fragmented than that in high-
pH solutions. Morsy et al. (2016) suspected that the lower oil recovery
from high-pH solutions might also be caused by the precipitation occurring
when the pH solutions reacted with the rocks. Such a result was observed for
a Barnett core but not for a Marcellus core. It was observed that alkaline
solution changed the core wettability to more water-wet, but the water
contact angles were reduced only a few degrees in Morsy et al.‘s (2016)
experiments. Kim et al. (2009) referred several papers which show that
increasing aqueous pH can significantly accelerate the crack growth rate
in bulk glasses and organosilicate thin films.

0

20

O
il 

R
ec

ov
er

y 
Fa

ct
or

, %

40

60

0 2

Distilled Water
pH11.8

pH11.9 pH13
30% KCI

4 6

Time, Days

8 10

Figure 8.26 Spontaneous oil recovery factors for Mancos samples immersed in
different solutions.
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8.11 Cooling effect of injected water

When cold water is injected into a shale reservoir, the increase in pore
pressure results in the decrease in effective stress, and the decrease in the reser-
voir temperature leads to the contract of matrix leading to the decrease in
effective stress as well. Such technique is called thermal stimulation applied
in geothermal reservoirs. Siratovich et al. (2011) conducted experiments to
verify that temperature-induced stress can create fractures in a volcanic
rock sample. A typical example was to submerge a sample of 300e650�F
into a 68�F water bath. New fractures were created. Numerical studies also
confirm that temperature-induced stress can form new fractures. Cold water
injection in a hot fractured rock induces thermal contraction and creates
tension near the main fracture. If the induced stress exceeds the rock strength,
secondary fractures can propagate from the main fractures (likely perpendic-
ular to the main fracture) in the matrix (Ghassemi, 2012). Groisman and
Kaplan (1994) studied the formation of fractures during desiccation. During
the process, the samples lost water and contracted, creating tension and form-
ing fractures. This process has some similarity to the cooling effect.

Fakcharoenphol et al. (2013) used a 5-spot pattern model to simulate the
cooling effect. We may use their result to explain the mechanisms.
Fig. 8.27A shows the stress profiles plotted as the Mohr circle including the
failure envelope with a 100 psi cohesion and a fraction angle of 30 degree
for healed natural fractures. On the plot, the maximum stress reduction is
near the injector where the maximum temperature occurs. The intersection
of the stress profile with the failure envelope shows a possible reactivation of
healed natural fractures. Fig. 8.27B compares the pore pressure-induced stress

Figure 8.27 (A) Simulated effective stress profiles at the initial condition, 200 and 300 ft
from the injector, (B) temperature- and pore pressure-induced stress profiles at 200 ft
from the injector, after 1 years of injection (Fakcharoenphol et al., 2013).
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change with temperature-induced stress change at 200 ft from the injector.
The pore pressure increases decreases the effective stress and shifts the
Mohr circle to the left. The temperature decrease causes negative strain or
tension in the system, and it creates significant shear stress due to the mechan-
ical strain contrast in the vertical and horizontal directions. As a result, the
Mohr circle is shifted to the left. Thus, both the increase in pore pressure
and the decrease in temperature shift the Mohr circle toward the failure en-
velope, synergistically leading to rock failure. However, the effect of temper-
ature decrease is more important than that of pore pressure increase in a typical
water injection case, because the pressure is generally maintained as injection
and production continues, but the temperature keeps declining as more cold
water is injected and hot reservoir fluids are produced.

The above paragraph discusses the concept of water-cooling effect. More
meaningfully, we want to know whether such effect is significant in a typical
shale and tight reservoir, and how much more oil can be produced from
such effect. Fakcharoenphol et al. (2013) used a sector model of Bakken
shale to study the effect. Fig. 8.28 shows the rock failure indicator. The pos-
itive value indicates the rock failure potential. From this figure, there does
not appear to be extensive rock failure sites. Probably cooling the reservoir
in a high temperature drop requires a huge amount of water.

Taghani et al. (2014) studied reactivation of existing microfractures by the
difference between the fracturing fluid and the reservoir fluid. Owing to the
fracture fluid leak-off, the increased pore pressure and decreased fracture pres-
sure reduce the formation of effective stresses; and the cooling effect induced
the rock tensile stresses. Collectively, these phenomena may open existing
natural microfractures and increase the fracture complexity. The effect of
such reactivated fractures depends on the number of existing fractures. If
the number is large, the increased area open to flow is large and the produc-
tivity or injectivity could be significantly increased. However, the changes in
reservoir pressure may close or reopen microcracks; hence the effectiveness of
these microcracks could be dynamic.

8.12 Reaction-induced fractures

Kelemen et al. (2017) filed a US patent that fluids are chemically
reacted within pores. Crystallization of solid minerals in pore space will
lead to compressive stresses and fracturing of rocks with crack spacing close
to the pore scale. Examples of fluids may be: (1) dissolved lime (CaO, as
Ca(OH)2, in solution) and carbon dioxide (CO2, as HCO3 in solution) to
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precipitate calcite or aragonite (CaCO3), (2) dissolved periclase (MgO) and
CO2 to precipitate magnesite (MgCO3), (3) Na2O and HCl to precipitate
salt (NaCl); or Na2O and SO4 to precipitate a range of sodium sulfate salts.
Sometimes, dehydration reactions occur. Large volume changes in the rock
formation result in cracking and fracturing of the rock formation.

Chen et al. (2017) reported that oxidative reagents, such as sodium hypo-
chlorite (NaOCl), hydrogen peroxide (H2O2), and sodium peroxydisulfate
(Na2S2O8), had been widely applied in the removal of organic matter;
undoubtedly, H2O2 was the most widely used oxidant to organic matter
because of its high removal efficiency and relatively low price. They used
15 wt.% H2O2 to investigate the oxidative dissolution of organic-rich shale
and its effect on pore structure.
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Figure 8.28 Likely rock failure sites 1 month and 1 year after cold water injection
(Fakcharoenphol et al., 2013).

206 Enhanced Oil Recovery in Shale and Tight Reservoirs



Chen et al. (2017) first tested the reactivity of shale samples and pure
inorganic mineral particles by measuring their mass loss. Fig. 8.29A shows
the mass loss of shale samples and inorganic minerals at different times.
For the crushed shale sample with particle size ranging from 380 to
830 mm, the mass loss was 9.7 wt.% and 11.2 wt.% by 24 and 240 h, respec-
tively. After 24 h of exposure to the hydrogen peroxide solution, pyrite’s
mass loss was 7.13 wt.%, and the mass losses of other minerals
were <1.0 wt.%. The significance order of their mass loss was: pyrite
[ chlorite > illitez calcite > dolomite > feldspar (K-feldspar and
albite) [ quartz, as shown in Fig. 8.29B. The mass was measured at each
time by drying the samples for 48 h at 60�C. Although pyrite’s mass loss per-
centage was much higher than other minerals, its mass percentage in a whole
shale sample was not high. Therefore, the more meaningful data from this
figure is the mass loss of 9.7 wt.% for the whole shale sample by 24 h. Cor-
responding to this 9.7 wt.% mass loss, the TOC content decreased from
4 wt.% of the untreated sample to 0.6 wt.% after the treatment, with the
removal efficiency of organic matter being 85%. Compared to inorganic
minerals, the mass loss percentage of organic matter was much higher. As
organic matter is generally surrounded by inorganic matrix, removal of
organic matter indicates there is pore connectivity in the inorganic matrix
which uptakes hydrogen peroxide. Therefore, it can be predicted that
oxidation dissolution may improve pore connectivity in shale matrix.

Fig. 8.30 shows the pH changes with time for the shale samples and the
eight rock-forming minerals. The pH value of 15 wt.% H2O2 was 5.76. Dur-
ing the shale sample oxidation, the pHwas slightly reduced from 6.93 to 5.76;

Figure 8.29 Mass loss of shale sample (A) and eight rock-forming minerals (B) by the
H2O2 oxidation (Chen et al., 2017).
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however, the oxidation of pyrite and chlorite generated large amount of acid,
leading to a rapid decrease in pH from 5.76 to 1.67 and 2.0, respectively; the
other six minerals pH’s were slightly increased from 5.76 to 7.50. This figure
also shows that quartz and dolomite cannot be oxidized to generate acid.
However, in the analysis of another shale sample, dolomite was consumed;
this was because the pyrite oxidation generated some acid and the dolomite
reacted with the acid so that it was consumed (Chen et al., 2017).

Similarly, to the discussion applied to the preceding figure, as the pyrite
and chlorite generally have a small mass fraction in a whole shale sample,
their high reactivity does not mean the high effect on the whole sample.
Actually, for the whole sample in this example, the pH was slightly reduced
from 6.93 to 5.76, indicating the reaction was not significant.

Fig. 8.31 shows the pictures of samples D and H before and after expo-
sure to deionized water and 15 wt.% H2O2. Before exposure, no fractures
were visible. After exposure to deionized water, sample D had two induced
fractures; after exposure to H2O2, sample H had quite a few induced frac-
tures parallel to the bedding, indicating the shale sample reaction to H2O2

was much stronger. The mechanisms of fracture initiation and propagation
are complicated by the dissolution of inorganic minerals and organic matter
content. The dissolution may weaken the structures of clay minerals in shale,
and lower the barriers to crack propagation, and then the swelling stress of
clay minerals trigger the growth of dissolution-induced fracture much more
easily. It should also be emphasized that the samples were not confined.

Hydrogen peroxide is a strong oxidant; pyrite is oxidized by the
following reaction (McKibben and Barnes, 1986):

FeS2þ 7:5H2O2 ¼ Fe3þ þ 2SO2�
4 þHþ þ 7H2O (8.1)

Figure 8.30 pH changes with time for shale samples (A) and for the eight rock-forming
minerals (B) (Chen et al., 2017).
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The above reaction shows that Fe2þ is oxidized to Fe3þ; in addition, Hþ

and SO2�
4 are also released. This reaction is much stronger than the weath-

ering of pyrite. The oxidation reaction of pyrite with oxygen and water is
generally represented by these reactions (Garrels and Thompson, 1960;
Singer and Stumm, 1970):

FeS2þ 3:5O2 þH2O ¼ Fe2þ þ 2SO2�
4 þ 2Hþ (8.2)

Fe2þ þ 0:25O2 þHþ ¼ Fe3þ þ 0:5H2O (8.3)

FeS2þ 14Fe3þ þ 8H2O ¼ 15Fe2þ þ 2SO2�
4 þ 16Hþ (8.4)

The above three-step reactions indicate that during the FeS2 oxidation
process, S�1 is first oxidized, then Fe2þ is oxidized by O2 and Fe3þ (Qiang
Chen, personal communication, March 4, 2019).

Microfractures may also be created by mineral crystallization or growth
by volume-increasing mineral replacement reactions. Chen et al. (2018)
used 10% sulfuric acid (H2SO4) and 10 wt.% ammonium persulfate
((NH4)2S2O8) solutions to react with a mineral of calcite (CaCO3) and

Figure 8.31 Pictures of shale samples before and after exposure to deionized water
(A) and 15 wt.% H2O2 (B).
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dolomite (CaMg(CO3)2) and pyrite (FeS2). Pyrite in shale reacts with per-
sulfate to generate sulfuric acid by the following oxidation reaction:

2FeS2þ 15S2O
2�
8 þ 16H2O ¼ 2Fe3þ þ 34SO2�

4 þ 32Hþ (8.5)

Ammonium persulfate is a very strong oxidizer that is commonly used to
decompose the gelling agent in hydraulic fracturing. The resultant sulfuric
acid is a strong acid whose solution pH can be less than 2. Then this acid
reacts with calcite and dolomite to precipitate gypsum crystal:

CaCO3þ 2Hþ þ SO2�
4 þH2O ¼ CaSO4$2H2Oþ CO2[ (8.6)

CaMgðCO3Þ2þ 2Hþ þ SO2�
4 þH2O

¼ CaSO4$2H2OþMgSO4 þ 2CO2[ (8.7)

The above reactions (processes) are called replacement reactions (pro-
cesses), as the calcite and dolomite are dissolved by the acid and a new
replacing mineral, gypsum, is precipitated in the immediate vicinity of the
dissolved carbonate mineral surfaces. As gypsum has a higher molar volume
(74.4 mL/mol) than calcite (36.9 mL/mol) and dolomite (64.3 mL/mol),
the local replacement reactions can generate internal swelling stress that
may fracture the surrounding shale matrix. The reaction-induced stress
from crystallization pressure is on the grain scale. The crystallization pressure
can easily exceed 30 MPa, which sufficiently causes intensive shale
microfracturing.

Fig. 8.32 shows the induced fractures when unconfined cylindrical shale
samples were exposed to deionized water (a), H2SO4 solution (b), and
(NH4)2S2O8 solution (c). Few fractures were seen on shale samples exposed
to deionized water. In contrast, many fractures could be seen when the
samples were exposed to the chemical solutions. These induced fractures
propagated parallel to the lamination. It took 3 and 5 days for those fractures
to form for H2SO4 solution (b) and (NH4)2S2O8 solution (c), respectively,
indicating the H2SO4 solution reaction was faster than the (NH4)2S2O8 solu-
tion. Interestingly, the gypsum deposited in the induced fractures, and not on
sample surfaces, indicating that those fractures were caused by the increased
gypsum volume.

(NH4)2S2O8 is a very strong oxidizer, whereas the dilute sulfuric acid
solution is only a strong dibasic acid not an oxidizer. Oxidation reaction
may significantly change the organic fraction and the color of black shale.
Their experiments did not show obvious color change, and the
fracture-generation behavior is similar in both the H2SO4 solution and
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the (NH4)2S2O8 solution, suggesting that the fractures were induced by the
above reactions, and they were not affected by the organic fraction at the
experimental time scale.

Note that from the first of the above three reaction equations, pyrite reacts
with ammonium persulfate ((NH4)2S2O8) to produce the acid solution of
Hþ þ SO2�

4 : In an anoxic depositional environment, pyrite commonly exists
in a shale formation. Even if there is no pyrite, a sulfate-bearing acid solution
like H2SO4 can react with carbonate minerals to precipitate gypsum, and the
above volume increase-induced fractures should be created. However,
the above experiments were conducted without confinement.
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Figure 8.32 Macroscopic observations of fractures induced by (A) clay hydration and
(B) H2SO4 solution and (C) by (NH4)2S2O8 solution in the unconfined shale samples
(Chen et al., 2018).
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8.13 Surfactant effects

Surfactants are typically added in fracturing fluids to assist flowback,
enhance water imbibition, and enhance oil and gas recovery through other
mechanisms such as wettability alteration and IFT reduction. Kim et al.
(2009) studied the effects of surfactants on the crack growth rate in nanoporous
organosilicate thin films. They found that the CmEn surfactant significantly
retarded crack growth rates, whereas dimeric surfactants accelerated the crack
growth process. The dimeric surfactants were shown to accelerate growth
rates by lowering the surface energy of the fracture surface. The CmEn surfac-
tant is polyoxyethylene alkyl ether, CH3(CH2)m�1(OCH2CH2)nOH, with
various hydrophobic alkyl tail lengths, m, and hydrophilic ethylene oxide
(EO) head lengths, n. The suppression of crack growth rates in CmEn surfac-
tant solutions was attributed to bridging of the crack surfaces by surfactant
molecules or the formation of nanobubbles in the surfactant-containing
solution. Their work indicates that surfactants may affect crack growth.

Aderibigbe and Lane (2013) conducted unconfined compression and
Brazilian tests after Mancos shale samples were exposed to water and surfac-
tant solutions. In their uniaxial compressive strength tests and the Brazilian
tests, the strength of the samples was the weakest when exposed to water,
a similar (slightly lower) reduction was observed with the samples exposed
to 0.1% w/v DTAB (dodecyl trimethylammonium bromide) and 0.1%
w/v SDBS (sodium dodecyl benzenesulfonate) solutions. In other words,
the surfactant addition did not significantly change the rock strength
compared with water. The rock strength in 4% KCl solutions was higher
than in water or in surfactant-only solutions.
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CHAPTER NINE

EOR mechanisms of wettability
alteration and its comparison
with IFT

Abstract

A surfactant has two functions: interfacial tension (IFT) reduction and wettability alter-
ation. The function of wettability (alteration) may be more important in shale and tight
formations. This chapter focuses on the discussions related to wettability alteration and
a brief discussion of IFT related to wettability alteration. The discussions include the EOR
mechanisms of wettability alteration and IFT, formulation of these two functions, IFT
reduction versus wettability alteration, surfactants used to alter wettability, determina-
tion of wettability, and conversion of wetting angles.

Keywords: Conversion of wetting angles; Determination of wetting angles; Formulation;
IFT; Wettability alteration; Wetting angles.

9.1 Introduction

Although chemical methods like surfactant injection are important
methods to enhance oil recovery in conventional reservoirs (Samanta et al.,
2012; Rai et al., 2015; Mandal, 2015), very limited applications were reported
in shale and tight reservoirs. More often, surfactants are added as an additive in
the fracturing fluid or completion fluid to improve oil and gas production.
When surfactants are added for the EOR purpose, water-oil interfacial ten-
sion reduction results in the increase in capillary number so that residual oil
saturation is reduced. This mechanism related to IFT reduction has dominated
the literature. Sheng (2013b) explicitly explained that a surfactant has two
functions: interfacial tension (IFT) reduction and wettability alteration, and
he quantified the two mechanisms using simulation. Chen and Mohanty
(2015) subsequently experimentally studied the two functions. As the func-
tion of wettability (alteration) becomes more important in EOR in shale
and tight formations, more research has been focusing on this mechanism
recently. This chapter focusses on the discussions related to wettability and
brief discussion of IFT related to wettability alteration. The discussions
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include the EOR mechanisms of wettability alteration and IFT reduction,
formulation of these two functions, IFT reduction versus wettability alter-
ation, surfactants used to alter wettability, determination of wettability, and
conversion of wetting angles.

9.2 Mechanisms of interfacial tension (IFT) reduction

To understand mechanisms of interfacial tension reduction, first review
the concept of capillary number. The dimensionless capillary number, NC, is
defined by the ratio of the viscous to capillary force:

NC ¼Fv
Fc

¼ vm
scosq

(9.1)

where Fv and Fc are viscous and capillary forces, respectively, m is the displacing
fluid viscosity, v is the pore flow velocity of the displacing fluid, s is the
interfacial tension (IFT) between the displacing and displaced phases, and q is
the contacting angle defined by the displacing fluid. A set of consistent units
are used so that the dimensionless group is dimensionless. For example, v is in
m/s, m in mPa$s, s in mN/m or dyne/cm.

Let us first use the above equation to calculate the waterflooding capil-
lary number in a conventional reservoir. A typical injection velocity may
be 1 ft/day (3.528 � 10�6 m/s), the water viscosity is close to 1 mPa$s,
the oil-water interfacial tension is assumed to be 30 mN/m, and the
contact angle is assumed zero. Then the corresponding capillary number is

NC ¼ um
s

¼
�
3:528� 10�6 m=s

�ð1mPa$sÞ
ð30mN=mÞ z10�7

It has been established that as the capillary number is increased, the residual
oil saturation is decreased, thus the oil recoverywill be improved. The relation-
ship between the capillary number and the residual oil saturation is the capillary
desaturation curve (CDC), as shown in the solid curve and square points in
Fig. 9.1. It is also known that as the capillary number is increased, the residual
water saturation and residual microemulsion saturation are also decreased.
The CDCs for them are also presented in this figure. In the figure, the discrete
data points are experimental data and the smooth curves are fitted curves.

The presented CDC curves show that when the capillary number is less
than 0.00,001, even though it is increased from 0.000,001 to 0.00,001, the
residual oil saturations are barely decreased. It means that for a residual satu-
ration to be decreased, a minimum capillary number is required; in this case
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it is 0.00,001. This minimum capillary number is called critical capillary
number (NC)c. When the capillary number is greater than 0.01, even though
it is increased, the residual oil saturation does not decrease significantly any
more. This capillary number is called the maximum capillary number
(NC)max. Between (NC)c and (NC)max, the change of residual oil saturation
may be described by this equation:

Sor ¼ SðNCÞmax
or þ

�
SðNCÞC
or � SðNCÞmax

or

� 1
1þ TpNC

(9.2)

where Tp is the parameter used to fitting the laboratory measurements. The
subscript o means oil phase; it can be substituted by w for water, me for
microemulsion phase, or p for any phase p in general.

The CDC for oil in this figure shows when the capillary number is
increased to 0.0001, the residual oil saturation is decreased from 0.3 to
0.2. In other words, to decrease residual oil saturation by 0.1, the capillary
number needs to be increased by 1000 times from 10�7 to 10�4.

According to the definition, the capillary number can be increased by one
of threemethods: increasing v or m, or decreasing s, if the contact angle is not
changed. It is easy to understand that it is not practical to increase v or m by
1000 times in a real reservoir. However, it is well known that it is feasible to
reduce the oil-water interfacial tension 1000 times by adding surfactants.

Similarly, by adding surfactants and reducing interfacial tensions, residual
water and residual microemulsion saturations can also be decreased.
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Figure 9.1 Capillary desaturation curves for water, oil, and microemulsion phases.
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For a simple description, Fig. 9.2 schematically shows how oil and water
relative permeability curves change as the residual water and oil saturations
are reduced. Particularly, as the residual water saturation (connate water
saturation) is decreased, the water and oil relative permeability curves, krw
and kro, move to the left; meanwhile, these two curves must also move up
as well. Similarly, as the residual oil saturation is decreased, the water and
oil relative permeability curves, krw and kro, move to the right; and these
two curves must also move up. As a result, both the curves cover wider satu-
ration ranges and their relative permeabilities are increased. In the extreme
case, the two curves become two straight diagonal lines.

To formulate the capillary-dependent relative permeability curves, assume
that the relative permeability krw for water phase w can be described by

krw ¼ kerw
�
Sw
�nw (9.3)

where

Sw ¼ Sw � Swr
1� Swr � Sor

(9.4)

where kerw is the end point relative permeability of water phase at its
maximum saturation (the superscript emeans end-point), nw is the exponent
of water phase, Sw is the normalized saturation. Those equations are applied
at a specific capillary number. At different capillary numbers, a linear
interpolation may be used between the minimum and maximum capillary

Figure 9.2 Oil and water relative permeability curves change as the residual water and
oil saturations are reduced.
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numbers. For the ease of description and understanding, we describe water-
oil two phase flow.

From the above description, it can be understood that as the capillary
number is increased, residual oil saturation is decreased, the end-point water
relative permeability at any NC, ke;NC

rw is increased following this equation:

ke;NC
rw ¼ �kerw

�ðNCÞc þ ðSorÞðNCÞc � ðSorÞNC

ðSorÞðNCÞc � ðSorÞðNCÞmax

h�
kerw
�ðNCÞmax � �kerw

�ðNCÞc
i

(9.5)

Similarly, for the exponent of water nNC
w at any NC, we have

nNC
w ¼ nðNCÞc

w þ ðSorÞðNCÞc � ðSorÞNC

ðSorÞðNCÞc � ðSorÞðNCÞmax

h
ðnwÞðNCÞmax � ðnwÞðNCÞc

i
(9.6)

In the above equations, if the subscripts w and o are exchanged for their
positions, the parameters for the oil phase can be written similarly. Further-
more, three-phase relative permeabilities can be written similarly as well.
For detailed formulation, see Chapter 7 in Sheng (2011).

In summary, when surfactants are added, the oil-water interfacial tension is
reduced greatly, the residual oil saturation is decreased, and the oil recovery is
improved.

9.3 Mechanisms of wettability alteration on oil
recovery

In an oil-water-rock system, the water-oil capillary pressure pcwo is
defined as

pcwo¼ po � pw ¼ 2swocosqw
r

(9.7)

where po and pw are the oil phase pressure and water phase pressure,
respectively, r is the pore radius, swo is the water-oil interfacial tension, and
qw is the water contact angle. When the rock is water-wet, qw is less than
90�, and the oil phase pressure po is higher than the water phase pressure pw
so that oil will flow out of the pores, meanwhile water will imbibe into the
pores, resulting in countercurrent flow of oil and water. The countercurrent
flow will drive oil out of the rock system. This is the fundamental principle
to use wettability to produce oil.

When the rock is oil-wet, qw is greater than 90�, and the oil phase pressure
po is lower than the water phase pressure pw. The water cannot imbibe into the
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rock or oil cannot come out of the pores. When the rock is intermediate wet,
some oil may come out of the pores. Example capillary curves for different
wettabilities are shown in Fig. 9.3.

Fig. 9.4 shows the wettability effect on water and oil-relative permeabil-
ities. It can be seen that at water saturation, the oil relative permeability in the

Figure 9.3 Example capillary pressure curves for different wettabilities.
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water-wet case is higher than that in the oil-wet case; the water relative
permeability has the opposite behavior. Therefore, a water-wet system is
more favorable to oil recovery than an oil-wet system. This is another mech-
anism of wettability on oil recovery.

From the above listed mechanisms, a strongly water-wet system should
be preferred for oil recovery. However, early researchers found that the
highest waterflooding oil recovery occurs at intermediate wetting conditions
(Moore and Slobod, 1956; von Engelhardt and Lubben, 1957; Kennedy
et al., 1955; Loomis and Growell, 1962; Morrow and McCaffery, 1978),
as presented by Tiab and Donarld (2004) in Fig. 9.5.

Alhammadi et al.’s (2017) microscale study of waterflooding performance
showed that the optimal recovery was obtained for a rock that appeared
neither strongly water-wet nor strongly oil-wet at the pore scale. In strongly
water-wet pores, snapoff in small pores traps oil; in strongly oil-wet pores, oil
is confined to layers which flow too slowly to provide significant oil recovery.
Jadhunandan and Morrow (1995) core-scale experiments also showed such
result. More generally, how wettability affects oil recovery or gas recovery
is process-dependent. For example, in depleting condensate reservoirs, one
may think gas wetting is not preferred to maximum gas production. Howev-
er, fluorocarbon surfactants are used to alter the rock wettability from liquid
wetting to favorably gas-wetting condition, because the condensate saturation
trapped in the near wellbore region can be reduced to mitigate the condensate
blockage (Sharma et al., 2018).
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Figure 9.5 Ultimate oil recovery as a function of wettability index (Tiab and Donarld,
2004).
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9.4 Mathematical treatments of wettability alteration
and IFT effect

The mechanisms of IFT reduction are more discussed and formulated
in the literature, but not for the mechanisms of wettability alteration. There-
fore, a special section is dedicated to present the mathematical treatments.
Four models are presented in this section: UTCHEM model, Adibhatla
et al. (2005) model, a proposed simple model and a CMG model.

9.4.1 UTCHEM model
A common practice to consider wettability alteration is to modify the rela-
tive permeability term and capillary pressure term of mixed wettability based
on strongly wetting and strongly nonwetting relative permeability and capil-
lary pressure curves (Delshad et al., 2009):

kr ¼ukwwr þ ð1�uÞkowr (9.8)

pc ¼upwwc þ ð1�uÞpowc (9.9)

where the superscript ww and ow mean water-wet and oil-wet, respectively,
kr is the relative permeability, and pc is the capillary pressure. u is the
interpolation scaling factor to describe the effect of wettability and depends
on surfactant adsorption:

u ¼
bCsurf

Csurf þ bCsurf
(9.10)

where bCsurf and Csurf are the adsorbed and equilibrium concentrations of
surfactant, respectively. Those equations assume that surfactant adsorption
on rock surfaces increases water-wetness. If surfactant adsorption increases
oil-wetness, those equations can be modified accordingly. This model is
implemented in UTCHEM version 9.95 (UT Austin, 2009).

The capillary pressure pCwo is scaled with the interfacial tension and rock
properties:

pwwCwo ¼ Cpc

ffiffiffi
f

k

r
swwwo cosq

ww

sowwocosq
ow

�
1� Sw � Swr

1� Swr � Sor

�Epc

(9.11)

where Cpc
ffiffiffiffiffiffiffiffi
f=k

p
takes also into account the effect of permeability and

porosity using the Leverett-J function (Leverett, 1941), f is the porosity and
k is the permeability, swo is the water-oil interfacial tension, S is the
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saturation with the subscript wr and or for residual water and oil saturation,
respectively, q is the water contact angle with the superscript ww and ow for
water-wet and oil-wet, respectively, Epc is the capillary exponent. The effect
of IFT is treated according to Eqs. (9.2)e(9.6).

9.4.2 Adibhatla et al. (2005) model
Adibhatla et al. (2005) proposed another model explicitly including the effect
ofwetting angle on residual saturations and the trapping number. The trapping
number is the capillary number including gravity effect which is discussed in
detail by Sheng (2015a). According to the existing definition of trapping num-
ber, it does not generally include the wettability effect, although it can theoret-
ically with cosq term combined with the interfacial tension s. However, such
model has not been proposed or described in detail in the literature.

Adibhatla et al.’s (2005) model requires these data: residual saturations at
twowetting angles and at low trapping number

�
Slowrj

�
; relative permeability

curves at trapping number NT0. The two wetting angles are q0 and p � q0
corresponding to two base phases b1 and b2. In principle, these two angles
can be arbitrary. Practically, if one is strongly wetting (wetting angle close
to 0), the other one is strongly nonwetting (wetting angle close to p). We
use their notation. More generally, q0 can be replaced by qb1, and p-q0
can be replaced by qb2. A simple interpolation technique is used to consider
the wettability effect on a residual saturation at low trapping number:

Slowrj � Slowr;b1

cosq� cosq0
¼ Slowr;b2 � Slowr;b1

cosðp� q0Þ � cosq0
(9.12)

Note that oil and aqueous phases are not distinguished (a dummy phase j is
used). To find Srj at any trapping number, we also need Shighrj at two wetting
angles. Alternatively, Adibhatla et al. (2005) defined the trapping parameter
Tj as a function of wetting angle:

ln Tj � lnTb1

cosq� cosq0
¼ ln Tb2 � lnTb1

cosðp� qoÞ � cosq0
(9.13)

Using this new defined Tj, the residual saturation at any wetting angle
and any trapping number NT is estimated from this equation:

Srj ¼ Shighrj þ Slowrj � Shighrj

1þ TjNTj
(9.14)
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The superscript “low” and “high” refer to low and high trapping numbers,

respectively. Using the above equation, we still need Shighrj that is generally

assumed zero. Following the above procedures, both effects of wettability
alteration and IFT reduction (through trapping number) on the residual satu-
ration are considered.

From the discussion of the preceding section, it can be seen that the
end-point kerj of a phase increases when the residual saturation of its conjugate
phase is decreased. Therefore, the end-point kerj of a phase may be linearly
interpolated according to the residual saturation of its conjugate phase:

ke;NT
rj � ke;highrj

ke;highrj � ke;lowrj

¼
Sj0r � Shighj0r

Slowj0r � Shighj0r

(9.15)

In the above equation, the subscript j0 denotes the conjugate phase of
phase j.

Combining the above two equations results in

ke;NT
rj � ke;highrj

ke;highrj � ke;lowrj

¼ 1
1þ Tj0NTj0

(9.16)

If the end-point relative permeability at trapping number NT0 is known,
the end-point relative permeability at any trapping number can be estimated
from the following equation, according to the preceding equation:

ke;NT
rj � ke;highrj

ke;NT0
rj � ke;highrj

¼ 1þ Tj0NT0j0
1þ Tj0NTj0

(9.17)

where ke;NT
rj , ke;NT0

rj ,ke;highrj correspond to the end-point relative permeabil-
ities at NT, NT0 and a very high trapping number. Note Tj0 is the trapping
parameter of the conjugate phase of phase j.

To include the effect of wettability on the end-point relative perme-
ability at NT0, following Eq. 9.12, we may have

ke;NT0
rj � ke;NT0

r;b1 ¼ cosq� cosq0
cosðp� q0Þ � cosq0

�
ke;NT0
r;b2 � ke;NTo

r;b1

�
(9.18)

Here it is assumed that we have the relative permeability curves
measured at a certain trapping number NT0 for a pair of base phases with
the contact angle q0 for the phase b1 and p� q0 for the phase b2. Combining
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the above two equations, we have the relative permeability curves with the
trapping number NT and the contact angle q:

ke;NT
rj ¼ ke;highrj þ

	
ke;NT0
r;b1 þ cosq� cosq0

cosðp� q0Þ � cosq0

�
ke;NT0
r;b2 � ke;NTo

r;b1

�

� ke;highrj



1þ Tj0NT0

1þ Tj0NT

(9.19)

Similarly, the exponents of relative permeabilities are

nNT
j ¼ nhighj þ

	
nNT0
b1 þ cosq� cosq0

cosðp� q0Þ � cosq0

�
nNT0
b2 � nNTo

b1

�
� nhighrj




1þ Tj0NT0

1þ Tj0NT

(9.20)

Again, we assume that the end-point value, kerj, and the exponent nj,
for the phase j are correlated to the residual saturation of the conjugate
phase j0 through linear interpolation. Actually, the above two equations
double count the effect of wettability, as Tj already considers the effect.

After the end-point relative permeabilities and the exponents are defined,
the Brooks-Corey model is used to describe the relative permeability

krj ¼ kerj
�
Sj
�nj (9.21)

Sj ¼ Sj � Sjr
1� Sjr � Sj0r

(9.22)

The effects of IFT and contact angle on capillary pressure are described
with the following equation:

pcjj0 ¼ pc0jj0
sjj0 cosq
sjj0 cosq0

(9.23)

where pcjj0 and pc0jj0 are the capillary pressures, and sjj0 and s0jj0 are the
interfacial tensions at the contact angle q and q0, respectively.

9.4.3 A proposed simply model
The aboveAdibhatla et al. (2005)model double counts the effect ofwettability,
and it is complex. Here we propose a new model that sequentially considers
both effects of wettability alteration and IFT reduction (trapping number);
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the effects ofwettability and IFT reductiononend-point relative permeabilities
and exponents are based on their effects on residual saturations.

First, a simple interpolation technique is used to consider the wettability
effect only (no IFT or capillary number effect) on a residual saturation:

SWA
rj � SWA

r;b1

cos q� cosqb1
¼ SWA

r;b2 � SWA
r;b1

cosqb2 � cosqb1
(9.24)

In the above equation, the superscript “WA” refers to the parameter
value when only wettability alteration is considered. The subscripts b1 and
b2 represent two wetting cases that correspond to the two wetting angles
qb1 and qb2. Then the effect of IFT or capillary number (trapping number)
on the residual saturation is considered using Eq. (9.14).

The above two procedures generate one conventional (without effect of
wettability) capillary desaturation curve (CDC) for one wetting angle, and the
effect of wettability will be reflected by a series of CDC curves with each
CDC corresponding to one wetting angle. Practically, two CDC curves for
each phase are defined; one corresponds to the strongly water-wetting case,
and the other the strongly oil-wetting case.

Once the residual saturations are defined in terms of the effects of wetta-
bility alteration and IFT, the end-point relative permeabilities are estimated
directly from the residual saturations, following Eq. (9.15); and the exponents
are estimated similarly.

9.4.4 CMG-STARS model
The above mathematical models may not readily be available to a practical
engineer or it may not be convenient for the engineer to code the models.
Instead, a commercial simulator is more convenient. In this section, a
CMG-STARS model is presented.

In the CMG-STARS (Computer Modeling Group, 2016) model, it is
assumed that the degree of wettability alteration is scaled by the amount
of surfactant adsorbed. The surfactant adsorption isotherm is described by
the Langmuir-type isotherm:

Gs ¼ axsw
1þ bxsw

(9.25)

where Gs is the adsorbed surfactant, a and b are adsorbing constants for
Langmuir-type isotherm obtained by matching adsorption experiments, and
xsw is the surfactant mole fraction in the aqueous surfactant solution. The
above equation assumes that the adsorbed surfactant is much less than the
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surfactant in the solution. In building a model, the user directly inputs a table
of adsorption Gs versus surfactant concentration xsw. The upper boundary
(GU

s ) and lower boundary (GL
s ) are set and they correspond to the adsorbed

surfactant at the completely water-wetness and the completely oil-wetness.
At any intermediate wetness, kr and pc are interpolated:

kr ¼ kG
L
s

r þ
 
Gs � GL

s

GU
s � GL

s

!�
kG

U
s

r � kG
L
s

r

�
(9.26)

pc¼ pG
L
s

c þ
 
Gs � GL

s

GU
s � GL

s

!�
pG

U
s

c � pG
L
s

c

�
(9.27)

Water-oil IFT is required to define the capillary number that is used to
calculate residual saturations and to scale capillary pressure. One of the
simplest ways is to input IFT versus surfactant concentration.

To include the effect of IFT in CMG-STARS, the IFT (s) is calculated
from Huh’s (1979) equation:

s ¼ CH�
Vom

Vsm

�2 (9.28)

where Vom and Vsm are the volumes of oil and surfactant, respectively, in the
microemulsion phase, CH is an empirical constant obtained by fitting
experimental data of s versus Vom/Vsm. The volumes of oil and surfactant
need to be converted to the liquid-liquid K-values required in CMG-
STARS.

The K-value for a component c is defined as

KAB
c ¼ mole fraction of component c in Phase A

mole fraction of component c in Phase B
(9.29)

If the microemulsion is type I (oil-in-water microemulsion), the micro-
emulsion phase is actually the water phase solubilized with oil and surfactant.

KWO
o ¼cWo

cOo
¼ cWo (9.30)

KOW
w ¼ cOw

cWw
¼ 0 (9.31)
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KOW
s ¼ cOs

cWs
¼ 0 (9.32)

where cWo is the mole fraction of oil in the aqueous phase (microemulsion
phase), cOo is the mole fraction of oil in the oleic phase, cOw is the mole
fraction of water in the oleic phase, cWw is the mole fraction of water in the
aqueous phase, cOs is the mole fraction of surfactant in the oleic phase, cWs is
the mole fraction of surfactant in the aqueous phase.

The volume solubilization ratio has the following relationship with the
mole fractions:

Vom

Vsm
¼ xWo Mo=ro

xWs Ms=rs
¼ KWO

o Mo=ro
xWs Ms=rs

(9.33)

Here M and r are the molecular weight and density, respectively.
From the experimental data of the solubilization ratio versus surfactant
concentration cWs , we can define a table of KWO

o versus cWs . If a type II
microemulsion phase is defined in the oil phase, the water solubilized in
the oil phase (now becoming an oleic phase) can be defined through another
liquid-liquid K-value.

Once the IFT is calculated, the capillary number (Nc) is calculated. Then
interpolation parameter g is defined:

g ¼ Nc � ðNcÞc
ðNcÞmax� ðNcÞc

(9.34)

At any IFT, the kr and pc are obtained from the following equations:

kr ¼gkðNcÞmax
r þ ð1�gÞkðNcÞc

r (9.35)

pC ¼gpðNcÞmax
c þ ð1� gÞpðNcÞc

c (9.36)

Looking different, the above Eq. (9.35) is actually same as the combina-
tion of Eqs. (9.2) and (9.5).

9.5 IFT reduction versus wettability alteration

As discussed in the preceding sections, the EOR mechanisms for
wettability alteration and IFT reduction are different. The fundamental
mechanism of IFT reduction is to decrease residual oil and water saturations
and increase relative permeabilities of oil and water. When the wettability is
changed from oil-wet to water-wet, the capillary pressure is changed from
flow resistance to drive force, so that oil will flow out of the core and water
will imbibe into the core (spontaneous imbibition). However, a surfactant
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may have both functions, and it is difficult to split these two functions by
experiments. Sheng (2013b) used the simulator, UTCHEM version 9.95
(UT Austin, 2009), to study these two mechanisms.

Hirasaki andZhang (2004) conducted spontaneous imbibition experiments
using the formation brine, stock-tank crude oil, and core samples of the dolo-
mite formation from the Yates field. A core was saturated with the oil and
connate water first, and then immersed in an imbibition cell. The imbibition
cell was filled with either the formation brine or an alkaline surfactant solution.
The formation brine had 5815 mg/L NaCl, 2942 mg/L CaCl2$H2O,
2032 mg/L MgCl2$H2O, 237 Na2SO4, and 7 Fe(NH4)2(SO4)2$6H2O.
The alkali used was 0.3 M Na2CO3. The surfactants were 0.025% CS-
330 (C12-3EO-sulfate) and 0.025% TDA-4PO (C13e4PO-sulfate). The
cores were aged 24 h at 80�C. The spontaneous imbibition tests in the for-
mation brine did not drive oil out of the cores, confirming the cores were oil-
wet. The imbibition test in the alkaline surfactant solution lasted 138 days, and
44% oil was driven out.

Delshad et al. (2009) used a 3D simulation model to have successfully his-
tory matched the Hirasaki and Zhang (2004) experiments. Sheng (2013b)
used their model as the base model for the study. The simulation model is
a homogenous Cartesian grid with 7 � 7 � 7 grid blocks. 5 � 5 � 5 grid
blocks in the middle of the model represent the core, and the remaining
grid blocks represent the imbibition cell of aqueous solution or brine, as
shown in Fig. 9.6. In the imbibition cells (lighter red in the figure), the initial
surfactant concentration is 0.05%, the porosity is 1.0, the capillary pressure is
0.0 kPa, and the permeability is 1000 mm2. In the matrix core (darker red),
the initial surfactant concentration is zero, the porosity is 0.24, the perme-
ability is 0.122 mm2, and the initial oil saturation is 0.68. The relative perme-
ability and capillary pressure are described by Eqs. (9.8)e(9.11), and their
parameters in the Brooks and Corey (1966) model are shown in Table 9.1.
Using this model, the alkaline surfactant imbibition test in Core B conducted
by Hirasaki and Zhang (2004) is history matched. This history-matchmodel is
used to quantify the mechanisms of IFT reduction and wettability alteration
in different cases below.

9.5.1 Effect of combined wettability alteration and IFT
reduction

Fig. 9.7 presents the oil recovery factors in different scenarios.
“OW þ IFT” is the oil-wet case without wettability alteration with u

set 0; “WW þ IFT” is the water-wet case with u set 1; “IW þ IFT”
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is the intermediately wet case with u set 0.5. These u values are presented in
Table 9.2. The IFT in these cases is the same, 0.0088 mN/m. From this
figure, we can see that the oil recovery factors are: WW þ IFT case -
> IW þ IFT case > OW þ IFT case, indicating that wettability
alteration improves oil recovery.

Figure 9.6 Simulation grids and the initial surfactant concentration.

Table 9.1 Relative permeability and capillary pressure parameters in the base
model.

Initial oil wettability (OW) Altered water wettability (WW)

Oil Water Oil Water

Sor 0.38 0.32 0.38 0.32
End point kr 0.59 0.23 0.59 0.23
kr exponent 3.3 2.9 2 2
Cpc, psi

.Darcy0.5 5 5
Contact angle 180 0
Epc 2 2
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As discussed earlier, wettability alteration can result in the changes in pc
and kr. To quantify the effects of pc and kr, two extra cases are compared.
One case is “Only Pc altered,” in which the oil-wet pc is changed to the
intermediately wet pc, but kr is assumed not changed. Correspondingly,
the interpolation parameter u for pc is 0.5, and u for kr is 0. Compare the
cases of “OW þ IFT” and “Only Pc altered.” When only pc is changed
from the oil-wet pc to the intermediately wet pc, the oil recovery is higher
in the early days, but the ultimate recovery is lower than that in the
oil-wet case with IFT reduction. The result indicates that the capillary imbi-
bition only improves the recovery in the early time.

The other case is “Only kr altered” in which the oil-wet kr is changed to
the intermediately wet kr, but pc is assumed not changed. Correspondingly,
u for pc is 0, and u for kr is 0.5. When only kr is partially changed from the
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Figure 9.7 Effect of the combined wettability alteration and IFT reduction in sponta-
neous imbibition.

Table 9.2 u in difference cases.
Case u for kr u for pc

OW þ IFT 0 0
WW þ IFT 1 1
IW þ IFT 0.5 0.5
Only pc altered 0 0.5
Only kr altered 0.5 0
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oil-wet kr to the intermediately wet kr, the oil recovery is almost unchanged
because no pc is changed; but the ultimate recovery is higher than that in the
oil-wet case with IFT reduction. These results indicate that the relative
permeability dominates the oil recovery in the later stage.

One may ask why the oil recovery from the case “Only Pc altered”with pc
is even lower than that from the case “OW þ IFT” without pc. Refer to
Fig. 9.3, water saturation becomes higher at the later time, then the capillary
pressure becomes negative. Therefore, the capillary pressure becomes resistant
to flow at the later time, thus reducing oil flow. In the case of
“WW þ IFT”, a positive capillary pressure and beneficial (increased) kr ef-
fect must be effective only when some block wettability has been changed
from oil-wet to water-wet in the early time, as indicated in the figure that
the oil recovery in the early time is higher than the case of “Only kr altered.”
At a later time, relatively higher water saturation may lead to lower kr in
“WW þ IFT” than that in the “Only kr altered.” Also, because of ultralow
IFT, the capillary effect is minimum, and the oil recovery is dominated by kr.

9.5.2 Relative importance of wettability alteration and IFT
reduction

Wettability alteration may be caused by surfactant adsorption; with more
adsorption, wettability is altered more significantly. For a fixed amount of
surfactant injected, more surfactant adsorption leaves less surfactant available
for IFT reduction. Fig. 9.8 shows the effect of the adsorption on oil recovery
using the model in the preceding section. There are three cases: a base
adsorption, twice the base adsorption, and half the base adsorption. It shows
that when the adsorption is higher, the oil recovery factor becomes lower. It
is implied that the decreased IFT effect is more significant than the increased
effect of wettability alteration, owing to higher adsorption. Here the surfac-
tant assumption is assumed as the mechanism of wettability alteration. It im-
plies that the effect of IFT is more significant than that of wettability
alteration. This observation may be specific from this model. It also holds
from the discussions presented in the following section. However, for this
observation or conclusion to hold, the core permeability must be high
enough so that oil can move by gravity (for example). Capillary pressure
should not be the dominant driving force. Therefore, this conclusion may
not hold in formations with ultralow permeability.

Actually, Zhang et al. (2018) collected the 35 experimental data on sur-
factant solution imbibition in Wolfcamp and Eagle Ford cores. They corre-
lated the oil recovery factors with the contact angles, IFTs, and capillary
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pressures, as shown in Fig. 9.9. It shows that the oil recovery factors corre-
lated with contact angles better than with IFTs; with a lower contact angle,
the recovery factor was higher; but the recovery factors did not show a cor-
relation with the IFTs. It implies that the wettability alteration effect of a sur-
factant solution is more important than the IFT reduction effect.

9.5.3 Effect of IFT on spontaneous oil recovery with and
without wettability alteration

As discussed earlier, the dominant mechanism of wettability alteration is to
change the capillary pressure. The capillary pressure is directly proportional
to IFT.Therefore, the IFT reduction actuallymitigates the effect of wettability
alteration, and the oil rate or oil recovery is reduced, as shown in Fig. 9.10. In
the figure, the incremental oil recovery is defined by the oil recovery with
wettability alteration minus the oil recovery without wettability alteration
for the same IFT value. Thus, the incremental oil recovery represents the
oil recovery due to the wettability alteration mechanism only. As the IFT
becomes lower, the oil recovery due to wettability alteration is lower.

Fig. 9.11 shows that a high IFT does increase oil recovery without wetta-
bility alteration. This result is consistent with the theory and it also confirms
that the used simulation model correctly captures the mechanisms. A surfac-
tant may reduce IFT and change wettability. IFT reduction can increase oil
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Figure 9.9 Oil recovery factors versus contact angles, IFTs, and capillary pressures for Wolfcamp and Eagle Ford cores (Zhang et al., 2018).
The following URTeC paper, Zhang, F., Saputra, I. W. R., Adel, I. A., & Schechter, D. S. (2018, August 9). Scaling for Wettability Alteration Induced by
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recovery but mitigate wettability alteration mechanism. The resultant effect
will be the balance of the two negative and positive effects.

Xie et al. (2005) compared the spontaneous imbibition rates using
nonionic poly-oxyethylene alcohol (POA) and cationics (CAC). The IFT
of POA solution was 19 times higher than of CAC solution (5.7 vs.
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Figure 9.10 Effect of wettability alteration on oil recovery by spontaneous imbibition
at different IFT values.
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0.3 mN/m). Therefore, the additional oil recovery from POA was higher
and faster than that from CAC. Austad and Milter (1997) had the same
observation. To make use of wettability alteration, IFT should not be too
low. But IFT should not be high either, as high IFT cannot reduce residual
oil saturation (thus cannot increase relative permeabilities). There may exist
an optimum combination of IFT reduction and wettability alteration. In
principle, IFT affects the oil rate because it determines the magnitude of
capillary pressure (drive force), and it also affects the ultimate oil recovery
because it determines the capillary number which determines the residual
oil saturation (thus oil recovery).

Chen andMohanty (2015) studied the synergy of wettability alteration and
IFT reduction on spontaneous imbibition oil recovery by simulation. They
concluded that the effect of low IFT on imbibition oil recovery in the presence
of wettability alteration is not significant, and the low IFT becomes extremely
important when the wettability alteration is not involved in oil recovery, based
on their simulation results shown in Fig. 9.12. However, low IFT should be
important, if any, despite whether the wettability alteration exists or not. As
shown in the figure the oil recovery is about 70% when the IFT is
0.003 mN/m with and without wettability alteration. In Fig. 9.12A, as the
IFT becomes higher, the oil recovery becomes lower, although the wettability
alteration is included, indicating the positive effect or the assistance to IFT pro-
vided by wettability alteration is not significant. This is probably if the IFT
values in this case are not high. In Fig. 9.12B, as there is no wettability alter-
ation, the only effect is from IFT. As the IFT becomes higher, the oil recovery

Figure 9.12 Effects of IFT on oil recovery with (A) wettability alteration or (B) without
wettability alteration (Chen and Mohanty, 2015).
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decreases more significantly. Fig. 9.12 shows that oil recovery will always be
high, or it does not matter whether the wettability is altered or not, as long as
the IFT is low (as shown in the figure when IFT ¼ 0.003 mN/m);
Fig. 9.11A also shows that when the IFT is low, the effect of wettability
alteration is not important any more. Note their core permeability was over
100 mD.

More likely, anionic surfactants reduce IFT, while cationic surfactants
change wettability. While studying imbibition oil recovery in Silurian dolo-
mite cores using surfactants, Chen and Mohanty (2015) combined cationic
surfactants and anionic surfactants. Their experimental data are shown in
Fig. 9.13. The properties of those surfactants are summarized in Table 9.3.
Fig. 9.13A shows that when the 0.2% cationic surfactant BTC 8358 had
spontaneous imbibition oil recovery of 31%. After that, adding 0.02%
anionic surfactant A092 to 0.2% BTC 8358 resulted in 10% incremental
oil recovery to 41.6%. Fig. 9.13B shows that a combination of 0.1% cationic
surfactant BTC 8358 and 0.5% anionic surfactant AS-3 had oil recovery of
46%, 13% higher than that (33%) from 1% anionic surfactant. They claimed
the incremental oil recovery resulted from the synergy of cationic and

Figure 9.13 Synergy of wettability alteration and IFT reduction (Chen and Mohanty,
2015).

Table 9.3 Property data of surfactants.
Surfactant Type IFT, mN/m Wettability alteration

BTC8358 Cationic 3 Oil-wet to
water-wet

A092 Anionic 0.03 No
AS-3 Anionic 0.05 No
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anionic surfactants. An additional benefit of combining anionic and cationic
surfactants was the reduction of adsorption of anionic surfactant on the posi-
tively charged carbonate rock surface. However, it should be aware that a
mixture of opposite charge surfactants may tend to precipitate.

Although Chen andMohanty (2015) presented the property data of each
surfactant, the property data of the mixed surfactant solutions were not pro-
vided. It could be possible that the properties of themixed surfactant solutions
were very different from their counterparts of each individual surfactant. To
understand or confirm the realmechanisms or synergy of those surfactants, the
properties of the mixed surfactant solutions should have been measured, so
that it became more clear what properties had made the mixed surfactant
solutions more effective in improving spontaneous oil recovery.

To have such synergy for incremental oil recovery from spontaneous
imbibition, at least two properties of a mixed surfactant solution must be
met: (1) wettability alteration to water-wet, (2) the interfacial tension may
be intermediately high (it cannot be ultralow or too high). These properties
will make sure that the surfactant solution can enter the porous medium to
displace oil out, and the solution also has the favorable flow properties like
improved relative permeability.

9.6 Specific surfactant EOR mechanisms related to
shale and tight formations

Some surfactant EOR mechanisms specifically related to wettability
alteration are reviewed in this section.

9.6.1 Bilayer mechanism by anionic surfactants
The mechanism of bilayer formation is shown schematically in Fig. 9.14.
The negative EO-surfactant adsorbs onto the positive surface of the chalk
through hydrophobic interactions with the adsorbed crude oil components
to form a monolayer as Chen and Mohanty (2015) called it. The water-
soluble head-group of the surfactant, the EO-group, and the anionic sulfo-
nate group may decrease the contact angle below 90� by forming a small
water zone between the organic coated surface and the oil. The formation
of the bilayer must not be regarded as a permanent wettability alteration of
the chalk. In fact, it will probably be fully reversible due to the weak
hydrophobic bond between the surfactant and the hydrophobic surface
(Standnes and Austad, 2000).
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Tomake anionic surfactants work in hard brine conditions, divalent cation
scavengers like EDTA.4Na and NaPA need to be added to remove divalent
cations such as Mg2þ and Ca2þ (Chen and Mohanty, 2014; 2015). Without
the intervention by divalent cations, the micelles of anionic surfactant are the
source of monomers. In the presence of divalent cations, the divalent ions will
bind to micelles (Talens et al., 1998), form precipitates with surfactants, and
act as a clamp between two surfactant ions, thus inducing properties
commonly associated with dimeric surfactants. By the way, the ionic bonding
between calcium and surfactant micelles does not change micelles-induced
IFT reduction, as the micelles are still able to solubilize oil (Chen and
Mohanty, 2015). Divalent ions do reduce optimum salinity.

9.6.2 Micellar solubilization of organic component by
anionic surfactants

During surfactant solution imbibition, anionic surfactants (Sasol’s Alf-38 and
Alf-69 (propoxylated sulfates-8PO)) lowered the interfacial tension, the grav-
itational force exceeded the capillary pressure, and surfactant solutions invaded
the gap between the rock surfaces, but left a thin oil film. The surfactants
solubilized the oil film slowly, leading to the wettability altered toward
water-wet. The time-scale for the wettability alteration appeared to be
much longer than the time-scale of the movement of oil/water meniscus
caused by IFT.

9.6.3 Ion-pair mechanism
When the head groups of a surfactant and polar compounds of crude oil have
opposite charges, ion-pairs form by electrostatic interactions. These ion-pairs
strip the adsorbed oil components away, resulting in more water-wet surfaces

Figure 9.14 Bilayer mechanism of EO-sulfonates, the eclipses represent EO-sulfonates,
and the squares represent the carboxylates in the oil (Stadnes and Austad, 2000).
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(Feng and Xu, 2015). In carbonate reservoirs, the adsorbed negative com-
pounds of carboxylic acids and positive heads of cationic surfactant form
ion-pairs and the carboxylic acids are carried away by ion-pairs.

Austad and hisworkers (e.g., Standnes andAustad, 2000;Austad and Stand-
nes, 2003) believed that cationic surfactants form ion-pairs with adsorbed
organic carboxylates of crude oil and stabilize them into the oil, thus they
were able to desorb organic carboxylates from the carbonate rock surface
and change the rock surface to more water-wet. The mechanism of ion-pair
formation is schematically described in Fig. 9.15. Due to electrostatic forces,
the cationic monomers will interact with adsorbed anionic materials from
the crude oil. Some of the adsorbed material at the interface between oil,
water, and rock will be desorbed by forming an ion-pair by the cationic
surfactant and the negatively charged adsorbed material, mostly carboxylic
groups. This ion-pair complex is termed “cat-anionic surfactant,” and it is
regarded as a stable unit. In addition to electrostatic interactions, the
ion-pairs are stabilized by hydrophobic interactions. The ion-pairs are not
soluble in the water phase but can be dissolved in the oil phase or in the
micelles. As a result, water will penetrate the pore system, and oil will be
expelled from the core through connected pores with high oil saturation in
a so-called countercurrent flow mode. Thus, once the adsorbed organic
material has been released from the surface, the chalk becomes more
water-wet. As the wettability alteration step was slow and was the dominant
mechanism, the movement of the altered water-wet front was slow using the
cationic surfactant (Kumar et al., 2008).

When positively charged organic matter adsorbs to the siliceous surface,
it will interact with negatively charged heads of anionic surfactant to form
ion-pairs; then the wettability is altered from oil-wet to water-wet (Alvarez
and Schechter, 2017). They reported that anionic surfactants changed the
wettability of negatively charged siliceous cores to water-wet better than

Figure 9.15 Mechanism of wettability alteration from oil-wet to water-wet by ion-pairs.
Large squares represent carboxylate groups, eCOO�, small squares represent other po-
lar components, and circles represent cationic ammonium group, eNþ(CH3)3 (Austad
and Standnes, 2003).
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positively charged surfactants, because anionic surfactants interact with the
positively charged oil molecules, mostly carbon-based compounds adsorbed
to the siliceous rock surface, forming ion-pairs. The layer of oil in the rock
surface is desorbed as ion-pairs forming micelles and transported due to their
hydrophobicity to the bulk oil phase in the pores. Liu et al. (2019) also
observed that organic material and oil film are detached from rock surface
in anionic surfactant solutions. That is an example of ion-pair mechanism.
The mechanism is schematically shown in Fig. 9.16. Salehi et al. (2008)
found that the wettability alteration by forming ion-pairs was more effective
than by the surfactant adsorption.

9.6.4 Surfactant adsorption mechanism
When an anionic surfactant solution is placed in a carbonate formation, the
charged hydrophobic heads of the surfactant are adsorbed on those surface
places (positively charged) unoccupied by counter ions via electrostatic
interactions. If the adsorption is sparse, the interactions between adsorbed
surfactant molecules are negligible (Atkin et al., 2003; Paria and Khilar,
2004). The rock surface becomes more oil-wet, as shown in Fig. 9.17.
However, if the carbonate surface is originally intensely occupied by nega-
tive oil components, and anionic surfactant molecules adsorb on the rock
surface via competition adsorption, then the rock surface is less occupied
by the oil components, leading to less oil-wet.

Similarly, for a cationic surfactant, the positively charged head groups
adsorb onto the negatively charged surfaces of siliceous minerals by electro-
static interactions. This could cause the mineral surface to become more

Figure 9.16 Schematic of ion-pair mechanism of an anionic surfactant in a siliceous
rock.
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oil-wet as shown in Fig. 9.18 (Liu et al., 2019). Bi et al. (2004) called this
process as the first adsorption of surfactant to form a monolayer when the
cationic surfactant concentration is low. When the surfactant concentration
is high, the second adsorption takes place to form a bylayer where the
hydrophilic parts of the surfactant expose to the water phase so that the
rock becomes more water-wet.

If the siliceous surface is originally intensely occupied by negative oil com-
ponents, and cationic surfactant molecules adsorb onto the rock surface via
competition adsorption, then the rock surface is less occupied by the positively
charged oil components, probably being able to lead to less oil-wet.

9.6.5 Monolayer adsorption by nonionic surfactants
Nonionic surfactants adsorb onto rock surfaces (either carbonate or siliceous
rocks) physically by hydrophobic bonding, rather than electrostatically or
chemisorbed, forming a surfactant monolayer on the oil-wet surface. The
oil wetness may be changed to less oil-wet or intermediate-wet, as shown

Figure 9.17 Schematic of wettability alteration of an anionic surfactant in a carbonate
rock.

Figure 9.18 Schematic of wettability alteration of a cationic surfactant in a siliceous
rock.
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in Fig. 9.19A. This process is reversible because of the week hydrophobic
interactions (Salehi et al., 2008; Standnes et al., 2002). When the surfactant
is added, surfactant molecules tend to diffuse to the interfaces between
isolated oil droplets and water due to the surface tension gradient or the
Gibbs-Marangoni effect (Sheng, 2013d). The surfactant molecules displace
the oil attached to the rock surface, and the isolated oil droplets tend to
roll up slowly and eventually detach from the surface, as shown in
Fig. 9.19B.

9.6.6 Effect of IFT reduction on wettability alteration
Liu et al. (2019) found that the wettability of shale surface was more water-
wet when the IFT decreased in the anionic surfactant solutions, because
both water-wetting angle and the IFT decreased with the surfactant concen-
tration as shown in Figs. 9.20 and 9.21, while it was hardly changed for low

Figure 9.19 Schematic of monolayer mechanism of wettability alteration.

Figure 9.20 Measured IFT values of shale cores in different surfactants with different
concentrations.
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IFT conditions in nonionic surfactants. As sow decreases, the oil film desorp-
tion does not significantly increase the adhesion work (W) as Fig. 9.22 shows
and as the following equation indicates:

W ¼ðsow þ swsÞA� sosA (9.37)

Therefore, the IFT reduction is beneficial to the desorption of oil film or
organic matter from the rock surfaces. In nonionic surfactant solutions, the
oil film or organic matter does not have electrostatic forces to be stripped off.
The shale wettability is altered by adsorption, rather than by the stripping
process through ion-pairs. Thus, the effect of IFT reduction on wettability
alteration is not as effective as in anionic surfactant.

9.7 Surfactant selection for wettability alteration

There are many surfactants that are used to reduce IFT in the surfac-
tant flooding literature. Less discussions have been allocated to surfactants
that are used to change wettability. These surfactants could be nonionic sur-
factants (Standnes et al., 2002; Vijapurapu and Rao, 2004; Xie et al., 2005),

Figure 9.21 Contact angles when the shale cores were soaked in different surfactant
concentrations for 48 h.

Figure 9.22 Schematic of the stripping process of oil film.
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cationic surfactants (Austad et al., 1998; Standnes et al., 2002), and anionic
surfactants (Sharma and Mohanty, 2013; Seethepalli et al., 2004; Chen and
Mohanty, 2013). Nonionic fluorinated polymeric surfactants were proposed
to treat gas condensate reservoirs to mitigate condensate dropout by altering
wettability to more gas-wetting conditions (Li and Firoozabadi, 2000;
Kumar et al., 2006; Sharma et al., 2018). Ethoxylate sulfates could change
carbonate surfaces from more oil-wet to more water-wet, but they are
not stable at high temperature (e.g., 60�C). At room temperature, Hirasaki
and Zhang (2004) showed that the ethoxy and propoxy sulfates had high
performance in imbibition oil recovery in carbonate cores, when Na2CO3

was added. Sulfonates and carboxylates are thermally stable, but they are
generally poor in altering wettability (Chen and Mohanty, 2015). Sharma
and Mohanty (2013) tested ethoxylate sulfonates for wettability alteration
in hard brine at 100�C and found that water contact angles were reduced
to around 90�C in the best case. Chen and Mohanty (2013, 2014) found
that the divalent scavengers (e.g., EDTA.4Na, Sodium polyacrymide
(NaPA)) sequestered divalent ions in hard brine to free anionic surfactants
to react at the solid-fluid interface to alter wettability of carbonates from
oil-wet to more water-wet. Generally, anionic surfactants are cheaper
than cationic surfactants. A quaternary amine surfactant, BTC 8358 (n-
alkyl dimethyl benzyl ammonium chloride) was found to be effective in
wettability alteration on oil-wet calcite surfaces. A combination of two
Guerbet alkoxy sulfate and one internal olefin sulfonate (IOS) was found
be a strong wettability modifier at a salinity below the optimum salinity.
A mixture of cationic surfactant BTC 8358 and an anionic surfactant Enor-
det A092 (C16,17 branched IOS to reduce IFT) was also found to have a
good imbibition oil recovery (Chen and Mohanty, 2015).

Liu et al. (2019) compared anionic surfactants and nonionic surfactants in
terms of their capability of wettability alteration. Fig. 9.23 shows the z-po-
tential in these surfactant solutions. It shows that for the same surfactant, the
absolute values of the z-potential increased with surfactant concentration.
The increase for anionic surfactants (sodium alcohol ether sulfate (AES)
and sodium C14-16 alpha olefin sulfonate (AOS)) was much greater than
in nonionic surfactants. At the same concentration, the z-potential (absolute
value) in the anionic surfactant solutions was higher than that in the
nonionic surfactant solutions (alcohol ethoxylate (AEO-9) and isomeric
alcohol ethoxylates (IAE)). The absolute values of the z-potential for the
nonionic surfactant solutions at concentrations of 0.01 wt.%, 0.05 wt.%,
and 0.1 wt.% were less than 20 mV which is close to water’s z-potential.
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These data indicate the anionic surfactants were better than the nonionic
surfactants in terms of wettability alteration, as the higher the z-potential,
the more water-wet the cores are. It is confirmed by direct angle measure-
ments after 48 h of soaking in the surfactant solutions shown in Fig. 9.21
and by visual oil shown in Fig. 9.24 coming out of the cores by spontaneous
imbibition of different surfactant solutions for 48 h. However, the mecha-
nism of wettability alteration by forming ion-pairs for anionic surfactants
took some time, while the mechanism by surfactant adsorption made the
contact angle decrease immediately. For example, the time-dependent
wettability alteration for AOE and AES anionic surfactants are shown in
Fig. 9.25. However, the effectiveness of a surfactant to alter wettability

Figure 9.23 z-potential for shale cores at different surfactant concentrations.

Figure 9.24 Oil seen when the shale cores were soaked in different surfactant concen-
trations for 48 h.
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depends on the rock type. Chen and Mohanty (2014) reported Adibhatla
and Mohanty’s (2008) work that the tested carbonate rock wettability was
not altered by either property alpha olefin sulfonate (AOS) or alkyl aryl sul-
fonate in softened brine, although such data are not found in the original
Adibhatla and Mohanty (2008) paper.

Nonionic surfactants have excellent solubility, high chemical stability,
and high tolerance to hard brine, but their cloud points are low. Chen

Figure 9.25 Contact angle changes with time for anionic surfactants AOS and AES.
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and Mohanty (2014) tested surfactants called ethoxylated aliphatic amine,
trade name Ethomeen by AkzoNobel. At neutral to high pH, Ethomeen
is a triamine with ethoxylate (EO) groups. In acidic brine, it may be proton-
ated and become a cationic surfactant. EO group usually increases the
hydrophilicity of a surfactant at high temperatures. Tests showed that
Ethomeen T/25 is a good candidate for wettability alteration in harsh dolo-
mite conditions.

Rock type may affect selection of surfactants. Feng and Xu (2015)
showed that for carbonates with shale oil with a higher total acid number
(TAN), a cationic surfactant is better than an anionic surfactant; for sand-
stones with shale oil having a higher total base number (TBN), an anionic
surfactant is better than a cationic surfactant.

Alvarez et al. (2018) reported that the cationic surfactants changed the oil
wetness of carbonate surfaces of Wolfcamp and Eagle Ford rocks to water-
wetness more than anionic surfactants, due to the electrostatic interactions
between its positively charged heads and the negatively charged oil com-
pounds, mostly acid compounds, attached to positively charged carbonate
surfaces present in both Wolfcamp and Eagle Ford rocks. Oil molecules
attached to the rock surface are stripped and moved to the oil phase, so
that the rock wettability is changed to less oil-wet. Table 9.4 presents the
data of IFT reduction and wettability alteration by different surfactants used
in the different cores. When the anionic, nonionic, and cationic surfactants
were used, the carbonate cores (both Wolfcamp and Eagle Ford) had highest
oil recovery factors (47.3% and 9.0%, respectively), when the cationic surfac-
tant solution had lowest final contact angles (38.1 and 34.3�, respectively).
A separate set of measurements of contact angles, zeta potentials, and IFTs
of the surfactant solutions are shown in Figs. 9.26e9.28, respectively. Inter-
estingly, the absolute values of zeta potential for the cationic solution are
lower than those for the anionic one and anionic/nonionic solutions, not
consistent with the contact angle values (if consistent, the absolute values
should be higher, as others reported (Liu and Sheng, 2019)). The IFTs of
cationic solution are higher than those of anionic and anionic/nonionic solu-
tions, resulting in the highest final capillary pressures, and the cationic solution
had higher oil recovery. It seems that a low wetting angle and an intermedi-
ately high IFT, which leads to the high positive capillary pressure, are favor-
able to oil recovery spontaneous imbibition.

However, the Wolfcamp siliceous cores had higher oil recovery factors by
spontaneous imbibition (33.9% and 28.5% in Table 9.4), when the anionic
surfactant solution had lower final contact angles (57.4 and 32.4�), as shown
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Table 9.4 Capabilities of IFT reduction and wettability alteration of different surfactants on different cores.
Core Surfactant Surfactant components IFT, mN/m Final contact angle Final pc, psi RF, %

Wolfcamp carbonate cores (quartz 13%, clays 15%, calcite 46%, dolomiate 19%, feldspar 4%, pyrite 3%) (Alvarez et al., 2018)
1 Anionic 1 Methyl alcohol, proprietary

sulfonate
0.4 45.6 16 24.3

2 Anionic/nonionic Methyl alcohol, sulfonate A,
sulfonate B, ethoxylated
alcohol

0.9 47.4 35 18.9

3 Anionic 2 Isopropyl alcohol, citrus
terpenes, proprietary

3.9 48.7 149 32.6

4 Cationic Isopropyl alcohol,
ethoxylated alcohol,
quaternary ammonia
compound, citrus
terpenes

8.9 38.1 406 47.3

5 Water 21.8 89.9 2 7.6
Eagle ford carbonate cores (quartz 17%, clays 35%, calcite 40%, dolomiate 1%, feldspar 3%, pyrite 4%) (Alvarez et al., 2018)
6 Anionic 1 Same as above Wolfcamp 0.7 47.2 20 6.5
7 Anionic/nonionic Same as above Wolfcamp 1.2 53.4 30 4.5
8 Anionic 2 Same as above Wolfcamp 2.3 48.3 63 5.8
9 Cationic Same as above Wolfcamp 6.9 34.3 236 9
10 Water 34.4 89.5 12 2.1
Wolfcamp siliceous cores (quartz 40%, clays 40%, calcite 4%, dolomite 2%, feldspar 7%, pyrite 7%) (Alvarez and Schechter, 2017)

Nonionic Branched alcohol
oxyalkylate

9.8 62
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EO
R
m
echanism

s
of

w
ettability

alteration
and

its
com

parison
w
ith

IFT
247



Table 9.4 Capabilities of IFT reduction and wettability alteration of different surfactants on different cores.dcont'd
Core Surfactant Surfactant components IFT, mN/m Final contact angle Final pc, psi RF, %

3 Nonionic/cationic Ethoxylated isodecyl alcohol,
quaternary ammonium
compound, quaternary
ammonium salt

9.8 62.6 327 18.4

4 Nonionic/cationic Ethoxylated isodecyl alcohol,
quaternary ammonium
compound, quaternary
ammonium salt

9.8 56.6 391 19.7

1 Anionic Methyl alcohol, proprietary
sulfonate

0.4 57.4 16 33.9

2 Anionic Methyl alcohol, proprietary
sulfonate

0.4 32.4 24 28.5

Nonionic/anionic Methyl alcohol, proprietary
ethoxylated, proprietary
sulfonate

4 46

5 Water 21.8 110.9 �564.0 7.1
6 Water 21.8 108.7 �507.0 10.5
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Figure 9.26 Contact angles of different surfactant solutions of a concentration of 2 gpt on Wolfcamp carbonate cores fromWell W-1 and on
Eagle Ford carbonate cores from Well EF-1 (Alvarez et al., 2018).
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Figure 9.27 Zeta potentials of different surfactant solutions of a concentration of 2 gpt on Wolfcamp carbonate cores fromWell W-1 and on
Eagle Ford carbonate cores from Well EF-1 (Alvarez et al., 2018).

250
Enhanced

O
ilRecovery

in
Shale

and
Tight

Reservoirs



Figure 9.28 IFTs of different surfactant solutions of a concentration of 2 gpt on Wolfcamp carbonate cores from Well W-1 and on Eagle Ford
carbonate cores from Well EF-1 (Alvarez et al., 2018).
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in a separate set of contact angle measurements in Fig. 9.29. Similarly, to the
above carbonate cores, the absolute values of zeta potential for the anionic
solutions were lower than those for the nonionic/cationic solutions for
the siliceous cores as shown in Fig. 9.30, not consistent with their contact
angle values. The IFT of the nonionic/cationic solution is higher than
that of the anionic solution, resulting in the much higher final capillary pres-
sures, but the nonionic/cationic solution had lower oil recovery. This indi-
cates that the lower wetting angle is more favorable to oil recovery than the
higher IFT. Generally, anionic surfactants have lower IFT than nonionic or
cationic surfactants.

Figure 9.29 Contact angles of surfactant solutions on Wolfcamp siliceous cores from
the same well depth (Alvarez and Schechter, 2017).

Figure 9.30 Zeta potentials of different surfactant solutions of a concentration of 2 gpt
on Wolfcamp siliceous cores (Alvarez and Schechter, 2017).
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The above discussions may be summarized in Table 9.5.
Fluorocarbon surfactants are used to alter the wettability to less liquid-

wet or more gas-wet in gas condensate reservoirs. This has been discussed
in Chapter 4.

9.8 Determination of wettability

Since wettability alteration is very important in shale and tight reser-
voirs, the wettability must be correctly measured or determined. Before
discussing the methods to determine the wettability of a shale or tight core,
the methods including those used in conventional cores are reviewed.

9.8.1 Commonly used methods
First clarify the terminology about intermediatewet, fractional wet, andmixed
wet. Anderson (1986, 1987) define the system as neutrally wet, if the contact
angles (measured through the water phase) are 60e75 to 105e120�, it is
water-wet below 60e75�, and it is oil-wet above 105e120�. It is implied
that neutrally wet was synonymous to intermediate wet. Strictly speaking,
being neutrally wet, the contact angle should be close to 90� (Dandekar,
2013). Fractional wettability refers to the system where some of the pores are
water-wet, while others are oil-wet. Jerauld and Rathmell (1997) state that
fractional wettability is when there are oil-wet and water-wet regions in the
same pore. Although mixed wettability was proposed by Salathiel in 1973,
referring to a special type of fractional wettability in which the oil-wet surfaces
form continuous paths through the larger pores, mixed wettability is widely
used, and it actually refers to fractional wettability. In the modern literature,
mixed wettability is more often used than fractional wettability.

Typical methods to determine wettability are contact angle measurement,
Amott method (often called AmotteHarvey method), U.S. Bureau of Mines
(USBM) method, and combined Amott-USBM method. The method to
measure contact angles is affected by the rock heterogeneity in wettability

Table 9.5 A guideline to select surfactants.
Sandstone Carbonate

Rock surface charge e þ
Adsorbed oil
compounds

Weakly acidic, e.g.,
alkylated quinolones
pyridines

Weakly basic, e.g., organic
carboxylic acids

Preferred surfactants Anionic Cationic
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and the surface roughness. The Amott method (Amott, 1959) or the Amott-
Harvey method (Boneau and Clampitt, 1977) measures the “overall or
average”wettability of a core. Although the formulas vary, the common prin-
ciple is that the wetting fluid will imbibe into the core more than the non-
wetting fluid. For the Amott-Harvey method, at the end of spontaneous
imbibition, forced imbibition is continued. One problem for the Amott
method and Amott-Harvey method is that spontaneous imbibition in shale
or tight cores is very slow; therefore, a long test time is needed. This method
may have its limited use in shale and tight cores.

In the US Bureau of Mines (USBM) method (Donaldson et al., 1969), a
core sample is spun in a water-filled centrifuge tube. After several spin rates,
the sample reaches residual oil saturation, Sor, and then it is placed into an oil-
filled tube for another series of measurements. This method consists of two
stages: the primary forced imbibition and the secondary forced drainage.
The centrifuge force represents capillary pressure. If the capillary pressure
in the forced water imbibition process is lower than that in the oil drainage
process, the core is more water-wet, and vice versa. For the currently avail-
able centrifuge instruments, the centrifuge force is not high enough to
displace out the fluids in a shale or tight core. Therefore, this method cannot
be used in shale or very tight cores.

In the USBM tests, spontaneous imbibition is not measured, but it occurs
during initial centrifugation at low pressures. Consequently, the combined
Amott-USBM method (Sharma and Wunderlich, 1987; Anderson, 1986)
is preferred. In the test, spontaneous imbibition is carried out in an Amott
cell, while forced imbibition is carried out in a high-speed centrifuge using
the same multiple speeds as those used for the USBM test.

9.8.2 Capillary rise method and thin layer wicking method
The height h of a wetting phase in a capillary tube is calculated by

h ¼ pc
Drg

(9.38)

The capillary pressure pc is calculated by

pc ¼ 2scosq
r

(9.39)

where Dr is the density difference between the wetting and nonwetting
fluids, s is the interfacial tension, q is the contact angle, r is the radius of the
capillary tube, and g is the gravity constant. The contact angle is estimated
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from the above equations (Siebold et al., 1997). The thin layer wicking
method is also based on the same principle. In this method, glass slides
covered with particles are vertically immersed in a liquid and the height of
the rising liquid is measured using a video camera (Van Oss et al., 1992).

9.8.3 Spontaneous imbibition method
For shale and tight rocks, the wettability is commonly determined by
measuring contact angles and spontaneous imbibition volumes of water
and oil. The principle is that water imbibition volume will be higher if
one rock is more water-wet than the other (Zhou et al., 2000). The rock
is more water-wet if more water is imbibed than oil. Similarly, if the
water-wetting (contact) angle is smaller, it is more water-wet. But wetting
angle must be measured in a system of liquid-liquid not liquid-gas, as dis-
cussed later. Lan et al. (2015a) defined the wettability index of water
(WIw) and the wettability index of oil (WIo):

WIw ¼ Vw1

Vw1 þ Vo2
(9.40)

WIo ¼ Vo2

Vw1 þ Vo2
(9.41)

where Vw1 is the normalized water volume imbibed into the dry plug 1, and
Vo2 is the normalized oil volume imbibed into the dry plug 2; the plug 1 and
plug 2 are twin plugs. The normalized volumes are calculated by dividing
the final equilibrium volumes of water and oil by their plug pore volumes,
respectively. These normalized volumes Vw1 and Vo2 are actually imbibition
saturations Sw1 and So2, respectively. In their experiments, the core plugs
were set vertically, and the bottom face of each plug contacted with
imbibing water or oil. Then the water gravity and oil gravity are different in
the experiments. Strictly speaking, the plugs should be set horizontally.

Note that it is implied in the literature that a higher imbibition volume
corresponds to a higher imbibition rate when the wettability is evaluated us-
ing water and oil for imbibition. This may not be necessarily true. When the
imbibition rate is compared, we need to consider the differences of fluid vis-
cosities and surface tensions of water and oil. Therefore, we propose to
conduct countercurrent imbibition experiments. For a twin plug initially
saturated oil, measure the imbibed water volume (saturation); for the other
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twin plug initially saturated with water, measure the imbibed oil volume
(saturation). The wettability indices are defined as follows.

WIw ¼ Sw1
Sw1 þ So2

(9.42)

WIo ¼ So2
Sw1 þ So2

(9.43)

The plugs must be set horizontally, especially when the interfacial ten-
sion is low because gravity is relatively more important.

9.8.4 Pore-space imaging methods
Recent advances in microtomography have allowed the noninvasive imag-
ing of fluid distributions in rocks at reservoir conditions. Andrew et al.
(2014) characterized the effective contact angle directly in a carbonate-
brine-scCO2 system at reservoir conditions using the microtomography
(micro-CT imaging) technology, as shown in Fig. 9.31. The micro-CT

Figure 9.31 Contact angles measured directly in a rock sample (Andrew et al., 2014).
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data are resampled onto a plane perpendicular to the contact line, and the
contact angle is measured manually by tracing vectors tangential to the solid
surface and the scCO2ebrine interface. Although this technology requires
detailed imaging and sophisticated experimental methods, it can image
multiphase fluid configurations at reservoir conditions. The images can be
taken at many locations and a statistical analysis can be conducted. This
direct approach has been used successfully to predict fluid configurations
and multiphase properties using contact angles measured using a combina-
tion of micro-CT scanning, high-resolution SEM images and imaging to
determine the chemical composition of the rock surface (Idowu et al.,
2015). However, for nanopore systems, the resolution is an issue. Kumar
et al. (2008) used atomic force microscope to study wettability alteration
by surfactants.

Akbarabadi et al. (2017) used nano-CT to directly study fluid occupancy
inside nanopores of ultratight reservoir rock samples, and to investigate
spontaneous imbibition and pore-scale wettability.

9.8.5 Nuclear magnetic resonance (NMR) method
Nuclear magnetic resonance (NMR) method is a fast and nondestructive
method to study wettability. NMR occurs in a nuclear system. In a porous
medium, the amplitude of NMR signal is proportional to the number of
hydrogen atoms in the hydrogenous fluid. Thus, this technology can be
used to study the hydrocarbon and water distribution in the porous medium.
Thereare two kinds of NMR relaxations during the dipole moment time
evolution: longitudinal relaxations (T1), transverse relaxations (T2). T2 spec-
trum is more widely used than T1 because it requires less measured time and
can provide the same pore information. At the solid-liquid interface, molec-
ular motion is slower than that in the bulk liquid (Brown and Fatt, 1956).
The solid surface slows down the molecular spin; longer relaxation time is
needed to adjust to a new magnetic field. The relaxation rate is reflected
on the transverse relaxation time T2, with higher rate (v) corresponding to
longer T2 (v proportional to exp(�t/T2). The magnitude of this effect
depends on the solid area covered by the liquid which is related to the wetta-
bility characteristics of the solid with respect to the liquid. The wettability of
the surface can reduce the relaxation time. Oil-wet surfaces cause a smaller
reduction in relaxation time than water-wet surfaces. In other words, if the
rock is more water-wet, T2 will be smaller.
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The relationship among the transverse relaxation time T2 in porous me-
dia, the transverse relaxation time of the bulk liquid T2,bulk, the surface area
A of the pore, the surface relativity r, and the volume of the pore is (Looyes-
tijn and Hofman, 2006)

1
T2

¼ 1
T2;bulk

þ r
A
V

(9.44)

The effect of fluid diffusion (DGTEg/12) can be added in the above
equation, D is the fluid diffusion coefficient (cm2/s), G is the magnetic
gradient, TE is the echo spacing of measurement sequence (ms), and g is
the gyromagnetic ratio. In the experiment conditions where the magnetic-
field of the NMR apparatus is relatively uniform, and the magnetic gradient
G is too small, the diffusion relaxation can be ignored. The bulk relaxation
T2,bulk may not be considered because it takes much longer time than the
surface relaxation in a tight porous medium. Thus, the T2 relaxation time
measured is mainly determined by the surface relaxation. If the pores are
smaller, the area-volume ratio is larger, T2 will be shorter. A fluid in large
pores has higher T2 value because more nuclei are available to exhibit the
NMR effect, and the fluid in small pores has lower T2 value. T2 relaxation
time is in inverse proportion to specific surface of samples (Appel, 2004). In
other words, the pore radius r is proportional to T2 (Zhao et al., 2015):

T2 ¼ Cr (9.45)

where C is the conversion constant.
The above equation can be applied to the system of oil and water that

covers different areas of the solid Ao and Aw, respectively:

1
T2;w

¼ 1
T2;bulk;w

þ rw
Aw

VSw
(9.46)

1
T2;o

¼ 1
T2;bulk;o

þ ro
Ao

VSo
(9.47)

where the subscript w and o refer to water and oil, respectively, and S de-
notes the saturation. It can be understood that if the solid is more water-wet,
water will cover more of the solid surface. Therefore, the wetting index Iw
may be defined as

Iw ¼ surface wetted by water � surface wetted by oil
total surface

(9.48)
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Looyestijn and Hofman (2006) found that the quantitative NMRwetta-
bility index Iw shows a good agreement with the USBM index, as shown in
Fig. 9.32.

Liu and Sheng (2019) used the NMR technique to study the effect of
surfactant on wettability alteration. The cores were initially saturated with
oil. Heavy water imbibed into the cores. Since heavy water did not have
NMR signal but oil had some signal strength, the NMR signal amplitude
decreased as more heavy water imbibed. Fig. 9.33 shows the NMR ampli-
tude at different imbibition time for heavy water and the heavy oil of
different surfactants at two surfactant concentrations of 0.01% and 0.1%.
The following observations can be made.

First, those subfigures all show that the cores have two T2 peaks, first one
representing small radius pores, and the second large radius pores. The sub-
figure a shows that heavy water could hardly imbibe the small pores; as more
heavy oil imbibed into large pores, more oil with NMR signal was displaced
out, and the T2 amplitude decreased with time.

The subfigures b and c show the T2 amplitude when heavy water with
surfactant IAE at 0.01% and 0.1% imbibed into the cores, respectively.
Because the surfactant could change the wettability from oil-wet to

Figure 9.32 Comparison of NMR wettability index and USBM index (Looyestijn and
Hofman, 2006).
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water-wet, it could imbibe into small pores (indicated by the left peak).
Similarly to the heavy water case, more heavy water with the surfactant
imbibed into the cores, and T2 decreased.

Comparing the subfigure b and the subfigure c, the T2 spectrum curves
became lower at the higher concentration, indicating higher concentration
resulted in more wettability alteration from oil-wet to water-wet; therefore,
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Figure 9.33 T2 spectrum curves during the process of spontaneous imbibition in
heavy oil and heavy water of different surfactants at two concentrations of 0.01%
and 0.1%.
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more heavy water surfactant solution imbibed into the pores. Those observa-
tions also applied to the other surfactant solutions, except AEO-9 showed
lower right peak at 0.1% than 0.01% which might be caused by the different
cores.

Comparing the T2 spectrums from the anionic surfactant solutions and
nonionic surfactant solutions, the oil recovery from small pores were
more improved by anionic surfactants than by nonionic surfactants, which
was caused by the more wettability alteration by anionic surfactants.

9.8.6 Zeta potential (z-potential) measurements
Refer to Fig. 9.34, when a particle is surrounded by a liquid, two layers are
formed. One is the stern layer where ions are attracted near the particle surface
due to the surface charge. The other layer is the diffuse layer that is composed
of ions attracted to the surface charge via the coulomb force, electrically
screening the first layer. This diffuse layer is loosely associated with the particle
because ions can move freely owing to electric attraction and thermal motion.
Between the two layers, there is a slipping plane that divides the moving fluid
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and the fluid attached to the particle. The z-potential is the electrokinetic
potential at the slipping plane.

The surface charges at the rock/brine interface determine the magnitude
of the z-potential. When the absolute value of the z-potential is great, the
repulsion between the rock/brine interface and the brine/oil interface is
stronger, which makes the water film more stable and makes it easier for
oil film to be detached from the rock surface, thus, the rock surface is
more water-wet.

9.8.7 Discussion of methods to determine wettability
Refer to Fig. 9.35, the interfacial tensions s and the wettability indices cosqws
and cos qos at equilibrium in an oil-water-solid system have the following
relationships:

cosqws ¼ sos � sws

swo
(9.49)

cosqos ¼ sws � sos

swo
(9.50)

Figure 9.34 Schematic of electric double layer.
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where the subscripts s, w, and o represent solid phase, water phase, and oil
phase, respectively. According to Eqs. (9.49) and (9.50), cosqws ¼ ecos qos.
So, the oil contact angle qos ¼ p � qws. For a water-wet rock, the
water-wetting angle is less than 90�, and the oil-wetting angle is higher
than 90�. Therefore, we have Conclusion 1:

In a water-oil-solid system (a liquid-liquid-solid system), a water-wetting
angle or an oil-wetting angle on a core can be used to determine the
wettability.

In an air-liquid-solid system, the preceding two equations become

cosqwsa ¼ sas � sws

swa
(9.51)

cosqosa ¼ sas � sos

soa
(9.52)

by replacing o by a and replacing w by a, respectively in those two equations.
The subscript “a” is added to represent the presence of air. Generally, a rock
is more liquid-wet than gas-wet. Thus, both cosqwsa and cosqosa are positive.
From the preceding two equations, we have

cosqwsa�cosqosa ¼ sas � sws

swa
� sas � sos

soa
¼ sasðsoa� swaÞ � swssoa þ swasos

swasoa

¼ sasðsoa� swaÞ � swsðsoa� swaÞ þ swaðsos� swsÞ
swasoa

¼ ðsoa� swaÞðsas� swsÞ þ swaðsos� swsÞ
swasoa

:

(9.53)

Figure 9.35 Interfacial tensions and wetting angles at equilibrium.
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Now we consider a water-wet rock. Refer to Eq. (9.49), sos > sws for
a water-wet rock because the cosine term should be positive. Then the sec-
ond term of the above numerator is positive. Similarly, for the first term of
the above numerator, sas > sws because a rock generally prefers water-
wet to air-wet; and generally, soa < swa; Thus, the first term is negative.
Now the numerator has one positive value and one negative value. Then
cosqwsa e cosqosa could be negative or positive. Therefore, the qwsa measured
on a water-wet rock may not necessarily be smaller than qosa. That means,
even qwsa is greater than qosa, the rock may still be possibly water-wet. There-
fore, we have Conclusion 2:

In a gas-water-solid system (a gas-liquid system), the water-wetting angle
cannot be used to determine the wettability; similarly, in a gas-oil-solid sys-
tem (a gas-liquid system), the oil-wetting angle cannot be used to determine
the wettability.

One may think that if the volume of water imbibed into a dry core is
higher than the oil volume, the rock is water-wet. According to Washburn’s
(1921) equation, the imbibition velocity of a fluid into a capillary tube of
radius r is:

dl
dt

¼

�
DFþ 2scosq

r

�
r2

8ml
(9.54)

where l is the imbibition distance,F is the potential, t is the imbibition time,
s is the interfacial tension, m is the phase viscosity, and q is the contact angle.
For spontaneous imbibition, DF is zero. The imbibition volume can be
obtained by integrating the preceding equation:

V 2 ¼ p2scosqr5

2m
t (9.55)

Then the ratio of spontaneous imbibition volume of water to that of oil is

Vw

Vo
¼

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
swacosqwamo
soacosqoamw

s
(9.56)

IfVw > Vo, swamocosqwa> soamwcosqoa. Since swa> soa, and mo > mw,
generally, cosqwa may not be necessarily greater than cosqoa. Thus, the rock is
not necessarily water-wet. If Vw < Vo, swamocosqwa < soamwcosqoa. Since
swa > soa, and mo > mw, generally, cosqwa must be smaller than cosqoa.
Thus, the rock is oil-wet.
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Thus, if swa > soa, and mo > mw, we have Conclusion 3:
If the volume of water imbibed into a dry core is lower than the oil vol-

ume imbibed into the same dry core (gas-liquid systems), the rock is oil-wet;
but if the volume of water imbibed into a dry core is larger than the oil vol-
ume imbibed into the same dry core (gas-liquid systems), the rock is not
necessarily water-wet (the water-wetness cannot be determined by
comparing the imbibition volumes).

Conclusions 2 and 3 can be used to explain the paradoxical wettability
data of Montney and Horn River shale samples reported by Lan et al.
(2015b). For the Montney shale samples, the water-wetting angle and oil-
wetting angle on the dry cores were 45 and 0� (shown in Table 9.6 later),
indicating oil-wet. The wetting indices for water were 0.26e0.42 (<0.5),
indicating oil-wet. And the water volumes imbibed into similar Montney
cores were lower than the imbibed oil volumes, as shown in their
Fig. 9.36, indicating oil-wet. All the above data consistently showed that
the Montney cores were oil-wet.

For the Horn River shale samples, the water contact angles were 37e73�
(not higher than 90�) and the oil contact angles were 0� (see Table 9.6 later),
indicating oil-wet. But the water wetting indices were 0.67e0.77 (>0.5),
indicating water-wet. According to Conclusion 2, these wetting angles
cannot be used to determine the wettability. Actually, according to the esti-
mated wetting angles in the corresponding water-oil-solid systems, those
shale samples were likely to be water-wet (see Table 9.6 later). The imbibed
water volumes into Horn River samples were higher than the imbibed oil
volumes, as shown in Fig. 9.37, indicating water-wet. According to Conclu-
sion 3, the shale samples were not necessarily water-wet. Therefore, their
data cannot consistently determine the wettability without using the Con-
clusions 2 and 3. However, Lan et al. (2015b) hypothesized that the higher
water imbibition volumes were due to imbibition-induced microfractures,
poor hydrophobic pore connection, and/or osmotic potential.

Liang et al. (2016) had similar observations for shale samples from Lower
Longmaxi formation in China. The contact angles for water were 12e37� at
elevated and normal temperatures, but the contact angles for oil were also
0�, indicating oil-wet. Actually, according to the estimated wetting angles
in the corresponding water-oil-solid systems, those shale samples were likely
to be water-wet (see Table 9.6 later). However, the water imbibition vol-
umes were higher than oil imbibition volumes, indicating water-wet by
the conventional misconception. Actually, according to Conclusion 3, the
samples were not necessarily water-wet.
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Table 9.6 Estimated water and oil contacting angles in oil-water-solid systems from their angles measured in air-liquid-solid systems.

References Sample ID

qwa qoa swa soa swo qos qws

CommentsDeg Deg mN/m mN/m mN/m Deg Deg

Roshan et al. (2016) New South Wales
CO2 storage site

25 3 73.7 19.7 51.1 157.2 22.8 Although qwa > qoa,
qws < qos, WW

Roshan et al. (2015) Evergreen sample _ DI,
Surat basin, Australia

26 0 72 30 48 136.3 43.7 WW

Evergreen sample _ 5%
NaCl

30 0 72 30 48 132.6 47.4 WW

Evergreen sample _ 10%
NaCl

48 0 76 30 48 115.8 64.2 WW

Yassin et al. (2017) Duvemay MIN1,
Canada

103 0 47.8 23.3 35 13.4 166.6 swo ¼ 35 assumed to
make �1 � cosq � 1.
OW

Duvemay MIN2 66 0 47.8 23.3 20 78.9 101.1 swo ¼ 20 assumed.
OW

Duvemay WAH1 78 0 62.5 23.5 20 58.3 121.7 swo ¼ 20 assumed.
OW

Duvemay WAH2 80 0 62.5 23.5 20 50.8 129.2 swo ¼ 20 assumed.
OW

Duvemay FER1 90 0 51.9 23.2 25 21.9 158.1 swo ¼ 35 assumed to
make �1 � cosq � 1.
OW

Duvemay FER2 74 0 51.9 23.2 20 63.6 116.4 swo ¼ 20 assumed.
OW

Duvemay SAX1 74 0 46.5 22.3 20 61.7 118.3 swo ¼ 20 assumed.
OW
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Duvemay CEC1 82 0 51.9 23.2 20 37.0 143.0 swo ¼ 20 assumed.
OW

Duvemay CEC2 65 0 51.9 23.2 20 86.4 93.6 swo ¼ 20 assumed.
OW

Dehghanpour et al.
(2012)

Horn River FS,
Canada

27 0 72 30 35 167.4 12.6 swo ¼ 35 assumed to
make �1 � cosq � 1.
WW

Horn River Muskwa 38 0 72 30 35 139.8 40.2 swo ¼ 35 assumed to
make �1 � cosq � 1.
WW

Horn River Muskwa 45 0 72 30 25 146.8 33.2 swo ¼ 25 assumed.
WW

Horn River Otter Park 46 0 72 30 25 143.2 36.8 swo ¼ 25 assumed.
WW

Horn River Otter Park 50 0 72 30 25 130.6 49.4 swo ¼ 25 assumed.
WW

Lan et al. (2015b) Montney, Canada 45 0 WIw ¼ 0.26 to 0.42,
OW

Horn River Muskwa 58 0 73.6 20.7 20 156.2 23.8 swo ¼ 20 assumed,
WW. WIw ¼ 0.67,
WW

Horn River Otter
Park

73 0 73.6 20.7 20 92.3 87.7 swo ¼ 20 assumed,
IW. WIw ¼ 0.77
(WW)

Horn River Evie 37 0 73.6 20.7 40 162.2 17.8 swo ¼ 40 assumed to
make �1 � cosq � 1,
WW. WIw ¼ 0.68,
WW

(Continued)
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Table 9.6 Estimated water and oil contacting angles in oil-water-solid systems from their angles measured in air-liquid-solid
systems.dcont'd

References Sample ID

qwa qoa swa soa swo qos qws

CommentsDeg Deg mN/m mN/m mN/m Deg Deg

Liang et al. (2016) Lower Silurian
Longmaxi, China

33 0 72 28 35 157.1 22.9 swo ¼ 35 assumed
(but 14.5 reported) to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi

37 0 72 28 35 148.4 31.6 swo ¼ 35 assumed
(but 11.7 reported) to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi

33 0 72 28 35 159.2 20.8 swo ¼ 35 assumed
(but 11.6 reported) to
make �1 � cosq � 1.
WW

Liang et al. (2015) Lower Silurian
Longmaxi

11 0 72 28 48 152.9 27.1 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi

13 0 72 28 48 151.8 28.2 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi

20 0 72 28 48 145.3 34.7 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW
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Lower Silurian
Longmaxi

20 0 72 28 48 146.1 33.9 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi

36 0 72 28 48 128.6 51.4 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW

Lower Silurian
Longmaxi 3

39 0 72 28 48 126.0 54.0 swo ¼ 48 assumed to
make �1 � cosq � 1.
WW

Ksiezniak et al. (2015) Baltic Basin, Poland 85 44 72 28.4 25 55.5 124.5 OW consistent with the
authors claim

Engelder et al. (2014) Haynesville 51 10 72 31 25 127.1 52.9 swo ¼ 25 assumed.
WW

Teklu et al. (2015) Three forks 146.2 33.8 Oil/formation water
angle, directly
measured, WW

Peng and Xiao (2017) Eagle Ford 82 46 72 50.8 40 52.2 127.8 swo ¼ 40 assumed to
make �1 � cosq � 1.
OW

Barnett 90 41 72 50.8 40 18.7 161.3 swo ¼ 48 assumed to
make �1 � cosq � 1.
OW

Mirchi et al. (2014) A shale 20.3 107.4 72.6 Weekly WW
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Javaheri et al. (2017) did four different types of experiments: (1) a liquid
contact angle measured on a system of air-liquid-flat surface system (air-
liquid contact angle); (2) a water contact angle measured on a system of
water-oil-flat surface system or an oil contact angle measured in a system

Figure 9.36 Normalized imbibed oil and brine volumes versus dimensionless time for
intact Montney samples (Lan et al., 2015b).
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of oil-water-flat surface system (liquid-liquid contact angle); (3) Sponta-
neous imbibition of a liquid into a dry rock sample (initially air saturated),
and (4) water imbibition into an oil-saturated rock sample (an Amott-type
imbibition system). They found that the air-oil contact angles were smaller
(e.g., as shown in Fig. 9.38A). According to Conclusion 2, such wetting
angle cannot determine oil-wetness. They also observed that the oil volume
by spontaneous imbibition into the dry rock sample (Fig. 9.39) was higher.
According to Conclusion 3, it should be oil-wet. Without using Conclu-
sions 2 and 3, one may think the oil-wetness can be determined, as Yassin

10
00

10
00

10
00

0

10
00

00

10
00

00
0

10
00

00
00

0

0.05

0.1

0.15

0.2

Im
bi

be
d 

Vo
lu

m
e/

Po
re

 V
ol

um
e

0.25

0.3

0.35

0.4

10
00

0

10
00

00

Dimensionless Time (tD)

Dimensionless Time (tD)

10
00

00
0

10
00

00
00

10
00

10
00

0

10
00

00

Dimensionless Time (tD)

10
00

00
0

10
00

00
00

0
0.05

0.1
0.15

0.2

Im
bi

be
d 

Vo
lu

m
e/

Po
re

 V
ol

um
e

0.25
0.3

0.35
0.4

0

0.05

(A)

(C)

(B)

0.1

0.15

0.2

Im
bi

be
d 

Vo
lu

m
e/

Po
re

 V
ol

um
e

0.25

0.3

Excess
Aftinity
to Water

Excess
Aftinity
to Water

0.35

0.4

MK in 2wt.%KCI

MK in Kerosene

EV in kerosene

EV in 2 wt.% KCI

OP in Kerosene

OP in 2wt.%KCI

Excess
Aftinity
to Water

Figure 9.37 Normalized imbibed oil and brine volumes versus dimensionless time for
intact Horn River samples (Lan et al., 2015b).
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et al. (2017) did for Duvernay cores. Fig. 9.40 shows that the brine contact
angles for the same batch of rocks were higher, indicating oil-wet; but oil
was recovered from the Amott-type imbibition tests as shown in
Fig. 9.39, indicating water-wet. They interpreted water-wetness because
the brine was able to imbibe into the oil-saturated rock samples in the
Amott-type imbibition tests. Such interpretation may not be valid, because

Figure 9.38 (A) air-liquid contact angles, (B) brine contact angle in the oil phase, (C) oil
contact angle in the brine phase (Javaheri et al., 2017).

Figure 9.39 Oil and water imbibition volumes in dry rock samples and oil recovered
from the Amott-type imbibition test (Javaheri et al., 2017).
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oil might be able to imbibe in brine-saturated rock samples as well. Unfor-
tunately, they did not do such imbibition tests. According to Conclusion 2,
the water-wetting angle cannot be used to determine the wettability. In a
separate study, Dehghanpour et al. (2012) observed higher water imbibition
than oil imbibition into the core samples taken from the Horn River basin.
According to Conclusion 3, the water-wetness cannot be determined.

Habibi et al. (2016) reported similar results or observations for Montney
samples. The contact angles on dry, oil-, or water-saturatedMontney samples
showed oil-wetness; oil or water volumes imbibing in dry (fresh) samples also
showed oil-wet; but the oil recovery by spontaneous water imbibition was
about 25%e45%, whereas the water recovery by spontaneous oil imbibition
was negligible, indicating water-wetness. We can see that different methods
led to different conclusions about the wettability of the same rocks, without
using Conclusions 2 and 3!

In a rock initially saturated with oil, by considering the effect of oil
viscosity, the water volume by spontaneous imbibition is proportional

to t
ffiffiffi
k
4

q
swocosqwsiffiffiffiffiffiffiffiffi
momw

p
L2
c
, Lc is the characteristic length (Ma et al., 1997). The oil vol-

ume by spontaneous imbibition into an initially water saturated core should

Figure 9.40 Oil and brine contact angles in the liquid-liquid systems (Javaheri et al.,
2017).
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be proportional to t
ffiffiffi
k
4

q
swocosqosiffiffiffiffiffiffiffiffi
momw

p
L2
c
. The ratio of water volume (Vwsi) to oil vol-

ume (Vosi) by spontaneous imbibition is

Vwsi

Vosi
¼ cosqwsi

cosqosi
(9.57)

qwsi and qosi are the water-wetting angle and oil-wetting angle during
spontaneous imbibition, respectively. If Vwsi > Vosi, cosqwsi > cosqosi.
Then qwsi < qosi, the core is more water-wet, and vice versa. Therefore,
we have Conclusion 4:

The rock wettability can be determined by comparing the water and oil
spontaneous volumes, if the core is initially saturated with oil or water; with
higher water imbibition volume, the rock is water-wet.

During the forced imbibition, the water volume imbibed into the
initially oil-saturated core is

V 2
w;FI ¼

p2
�
DFw þ 2swocosqws

r

�
r6

4mw
tw;FI (9.58)

The oil volume imbibed into the initially water-saturated core is

V 2
o;FI ¼

p2
�
DFo þ 2swocosqos

r

�
r6

4mo
to;FI (9.59)

The fraction of water volume by spontaneous imbibition in the total
water imbibition volume, dw,SI, is

dw;SI ¼ Vw;SI

Vw;SI þ Vw;FI
¼

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2swocosqws

r
tw;SI

r

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2swocosqws

r
tw;SI

r
þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
DFw þ 2swocosqws

r

�
tw;FI

s

¼ 1

1þ
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
1þ DFw

pcw

�
tw;FI
tw;SI

s :

(9.60)

The fraction of oil volume by spontaneous imbibition in the total oil
imbibition volume, do,SI, is
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do;SI ¼ Vo;SI

Vo;SI þ Vo;FI
¼

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2swocosqos

r
to;SI

r

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2swocosqos

r
to;SI

r
þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
DFo þ 2swocosqos

r

�
to;FI

s

¼ 1

1þ
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
1þ DFo

pco

�
to;FI
to;SI

s :

(9.61)

In the above equations, pcw and pco are the water-oil capillary pressure,
when respective water or oil imbibes; Fw and Fo are applied water and
oil potentials, respectively.

For the Amott-Harvey method, the wettability is determined by the
difference of dw,SI and dw,SI.

In shale and tight cores, the spontaneous imbibition times and forced
imbibition times are very long. It is not practical to use the Amott-Harvey
method.

Recently, Siddiqui et al. (2018) raised three critical questions about
wettability:
1. Which contact angle measurements represent in-situ reservoir

wettability, air/water/rock, air/oil/rock, or oil/water/rock?
2. If oil/water/rock contact angle measurements represent actual reservoir

wettability, can it really be reliable if it does not behave similarly in
imbibition tests?

3. The electrostatic and chemical forces can significantly contribute to
water and oil imbibition volumes in shales, and they are also very
active in controlling contact angles on the rock surface. Why does the
imbibition volume measurement lead to different wettability than that
reached by contact angle measurements?
The above question 1 is answered by Conclusions 1 and 2 earlier in this

chapter. Put it simply, the wettability cannot be determined by contact
angles in a gas-liquid-solid system, and it must be determined in a liquid-
liquid-solid system.

The above question 2 is answered by Conclusion 3: the water and oil
volumes by spontaneous imbibition in two same dry cores cannot be used
to determine the wettability.
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The above question 3 is answered by Conclusions 3 and 4. In a water-
oil-solid (liquid-liquid-solid) system, these two types of measurements are
consistent. However, if two systems, air-oil-solid and air-water-solid (gas-
liquid-solid system), are used, these two types of measurements may lead to
different wettabilities.

9.9 Conversion of wetting angles

The preceding section explains why the wetting angles cannot be used
to determine rock wettability if measured in gas-liquid-solid systems; but the
water and oil wetting angles can be compared to determine the wettability
in a water-oil-solid system according to Conclusion 1 discussed earlier.
Logically, if the wetting angles in gas-liquid-solid systems can be converted
to the wetting angles in the corresponding water-oil-solid system, then the
wetting angle measurements can be used to determine the wettability.

From Eqs. (9.51) and (9.52),

sws¼ sas � swacosqwsa (9.62)

sos¼ sas � soacosqosa (9.63)

Refer to Fig. 9.35

cosqws¼ sos � sws

swo
¼ swacosqwsa � soacosqosa

swo
(9.64)

Then the water and oil wetting angles can be calculated from the water
and oil contacting angles in dry cores by the following equations:

qws¼ cos�1
�
sos � sws

swo

�
¼ cos�1

�
swacosqwsa � soacosqosa

swo

�
(9.65)

qos¼ cos�1
�
sws � sos

swo

�
¼ cos�1

�
soacosqosa � swacosqwsa

swo

�
(9.66)

It is easier to measure wetting angles on dry cores. But they cannot be
used directly to determine wettability. Instead, the water and oil wetting an-
gles in water-oil-solid systems are estimated using the above equations.
Some of the estimated wetting angles are summarized in Table 9.6.

In this table, if the oil/water interfacial tensionswowas not provided by the
references, typical values of 20e30 mN/m are used. When these typical
values are used, cosq is outside the range of �1 to þ1 in some cases. So other
values are used. When nontypical values of swo are used, sensitivities are
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conducted to ensure that these values do not change the conclusions
regarding the wettability for each of shale samples.

This table shows that both water and oil contact angles were less than 90�
(except twowater angles) and the oil contact angles were smaller (zero in most
of the cases) than the water contact angles. By the conventional intuition or
misconception, those shale rocks are believed to be oil-wet. However, as the
table shows, the estimated water wetting angles are less than 90�, indicating
water-wetness. It seems that more shale samples are water-wet. The author
of this book also observed thatwhen the IFT is low, the liquid drop is gradually
collapsing into the rock or at least the drop is becoming smaller and smaller.
When this observation is made, one may believe the shale samples are oil-
wet; They may not, actually!

The conversion of wetting angle enables some paradoxical data about
wettability. For example, Lan et al. (2015b) observed stronger oil uptake
than water update by their tight siltstone rock samples, indicating strong
oil-wet, but the water contact angle was greater than 37� (supposed to be
higher than 90� if oil-wet). They believed that this phenomenon was caused
by oil sorption onto the organic materials (primarily solid bitumen). Howev-
er, as indicated by the estimated results in the above table, the samplemight be
water-wet. Liang et al. (2016) observed the similar behavior for shale samples
from the Lower Longmaxi formation in China, but the water wetting angles
were 12e37� at elevated and normal temperatures; but the estimated results
in the above table indicate that the sample might be water-wet.

9.10 More on wettability of shale and tight
formations

Overall, the wettability of shale rocks is mixed (possibly oil-wet and
water-wet), similar to conventional sandstone rocks. It may not be dominantly
oil-wet as one believes. Adsorption of asphaltenic components controls the
wettability in conventional reservoirs (Kumar et al., 2008). Shale wettability
depends on the total organic carbon (TOC) (Odusina et al., 2011). Themixed
wettability results from the fact that different rock types have different wetta-
bilities, as inorganic shale rocks aremore likely water-wet, whereas the organic
parts are more likely oil-wet.

From the measurements of contact angle and zeta potential, Wolfcamp
cores and Eagle Ford cores demonstrated intermediate wet to oil-wet

EOR mechanisms of wettability alteration and its comparison with IFT 277



(Alvarez et al., 2018). But those cores were aged for 4 weeks or 6 months.
Eagle Ford shale cores were also found oil-wet (179�), after 1 day of aging
in brine followed by 7 days of aging in oil at 80�C (Mohanty et al., 2017).
Apparently, shale rocks were reported oil-wet or mixed wet (Odusina et al.,
2011; Akbarabadi et al., 2017). However, it is possible that data were mis-
interpreted, as discussed in the preceding section.

Some authors stated that the wettability cannot be determined by
measuring contact angles, because the measured contact angles are not
consistent with imbibition experiments (Xu and Dehghanpour, 2014;
Ghanbari and Dehghanpour, 2015). The inconsistency can be explained
by the preceding discussions in this chapter.

Several authors (Odusina et al., 2011; Dehghanpour et al., 2013; Makha-
nov et al., 2014) observed that more water than oil imbibed into shales.
They ascribed this phenomenon to absorption of water molecules by clays,
as water adsorption may generate microfractures and thus increase sample
permeability. But, those microfractures are generally generated in experi-
ments when no confining pressure is applied. Under confinement, created
microfractures may not be generated or may be closed later (Zhang and
Sheng, 2017a,b; Zhang et al., 2017). However, it has been observed that
more microfractures are generated under water imbibition than under oil
imbibition (Makhanov, 2013). It is possible that more water imbibed may
be caused by more microfractures generated under the experiments without
confinement. Of course, it can be caused by water-wetness. Singh (2016)
reviewed some theories that discuss the effect of liquid droplet size, and
he stated this effect must be considered to determine wettability. Marmur
(1988) proposed that if the water drop radius rw satisfies the following con-
dition, water can imbibe into oil-wet shares:

rw <
�rc
cosq

(9.67)

where rc is the capillary radius, and q is the macroscopic contact angle.
Several researchers (Habibi et al., 2016; Yassin et al., 2017) including us

observed that oil spread on shale rock surfaces in the presence of air, indi-
cating oil-wetness. However, for the same rock samples, it was observed
that the water contact angles in the presence of air could be acute, indicating
water-wetness. The actual wettability could be opposite!
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CHAPTER TEN

Spontaneous imbibition

Abstract

In shale and tight formations, imbibition, especially water imbibition, plays a very
important role during fracturing and in enhancing oil and gas recovery. In this chapter,
fundamentals of spontaneous imbibition and upscaling theories are first reviewed.
Then the main factors which affect spontaneous imbibition are discussed. These factors
include permeability and porosity, initial wettability, wettability alteration, interfacial
tension diffusion, gravity, viscosity ratio, and initial water content. Countercurrent
flow is compared with cocurrent flow. Finally, behaviors of different surfactants are
discussed.

Keywords: Cocurrent flow; Countercurrent flow; Diffusion; Gravity; Initial wettability;
Spontaneous imbibition; Surfactants; Upscaling; Viscosity ratio.

10.1 Introduction

Spontaneous imbibition is defined as the process in which a wetting
phase imbibes into the rock (matrix). During the spontaneous imbibition,
one fluid displaces another in a porous medium by capillary pressure. In shale
and tight formations, imbibition, especially water imbibition, plays a very
important role during fracturing and in enhancing oil and gas recovery. In
this chapter, imbibition fundamentals and upscaling theories are first
reviewed. Then the main factors which affect imbibition are discussed.
These factors include permeability and porosity, initial wettability, wetta-
bility alteration, interfacial tension (IFT), diffusion, gravity, viscosity ratio,
and initial water content. Countercurrent flow is compared with cocurrent
flow. Finally, behaviors of different surfactants are discussed.

10.2 Discussion of some theoretical equations on
spontaneous imbibition

McWhorter and Sunada (1990) derived a general two-phase Darcy
equation for countercurrent imbibition. Schmid and Geiger (2013) demon-
strated that the solution can be viewed as the capillary analog to the
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BuckleyeLeverett (1942) solution for the viscous dominated flow. They
derived one general scaling group that can represent many of the previously
defined scaling groups with a different proportionality constant. No assump-
tion is needed to derive such scaling groups other than those needed for
Darcy’s model. No fitting parameter needs to be introduced. Schmid and
Geiger (2013) also showed that spontaneous imbibition can be better charac-
terized by the total volume of the wetting phase imbibed than by the frontal
movement of the wetting phase. Cai and Yu (2012) reviewed many imbibi-
tion equations. Here are listed a few for the convenience of later discussions.
Some of the equations are used to upscale the relationship between the
imbibition recovery and dimensionless time tD in a laboratory-scale to that
in a field scale.

10.2.1 Washburn’s equation
Based on Poiseuille’s law, Washburn (1921) derived an equation to describe
imbibition velocity in a single capillary tube. The velocity equation can be
restated as follows without including the coefficient of slip:

dl
dt

¼

�
DFþ 2s cos q

r

�
r2

8ml
(9.54)

In the above equation, l is the imbibition distance, t is the imbibition
time, F is the potential, s is the interfacial tension, m is the wetting phase
viscosity, q is the contact angle, and r is the capillary radius. For spontaneous
imbibition, DF is zero. The above equation becomes:

dl
dt

¼ s cos qr
4ml

(10.1)

The velocity multiplied by pr2 becomes the imbibition volume in a unit
time. The integration results in an equation to describe imbibed volume
versus time:

V 2 ¼ p2s cos qr5

2m
t (9.55)

The equation shows that the volume of imbibition of a wetting phase
versus the square root of imbibition time has a linear relationship. However,
as early as 1920, Cude and Hulett (1920) observed that the volume curve
becomes flat at later time. This is because in a porous medium, the pores
have different radii, and the imbibition velocity is proportional to the radius
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according to Eq. (10.1); initially the fluid imbibes into larger pores and later
into smaller pores; therefore, the imbibition velocity becomes slower at late
time. Another fact that can cause slow imbibition rate at late time is that the
pressure inside the core builds up; this built pressure serves as a resistance to
the imbibition. The late flat portion of the curve is not caused or represented
by diffusion as Shen et al. (2016) interpreted.

Again from Eq. (10.1), we can see that the imbibition velocity into a
smaller pore is lower than that into a larger pore; as the imbibition takes a
longer time (longer l), the imbibition velocity becomes lower. Tagavifar
et al.’s (2019) simulation results also approve this fact. Yang et al.’s (2016)
experimental data showed that imbibition velocities were lower for lower
porosity and permeability cores; their experimental velocities were lower
than what the theory (Eq. 10.1) predicted; the lower their porosity and
permeability, the lower their experimental velocity was, compared with
the theoretical velocity.

Real experimental data in log(V) versus log(t) may not show the slope of
0.5. Hu et al. (2012) suggested the change of the slope of the curve repre-
sented the change in pore connectivity. Cai and Yu (2011) suggested the
slope change was caused by pore tortuosity. Yang et al. (2016) suggested
that the slopes reflected the pore distribution and pore connectivity, with
the early slope reflected macropores (>50 nm), the middle and late slopes
reflected meso- and micropores, as shown in Fig. 10.1.

For type “B,” the linearity appears in the early time, suggesting relatively
high permeability and good pore connectivity. The macropores are well-
developed, and the pore size distribution is of a single-peak type. For type
“S,” the initial position has an “arc-shaped tail” which suggests ni > 0.5 at
the early imbibition stage and good pore connectivity. The macropores
and mesopores are well developed, and the pore size distribution is of the
two-peak-type. For type “A,” the arc-shaped and convex behavior suggests
a low initial time exponent (ni < 0.5) and poor pore connectivity; the late
time exponent (nL) appears to be above 0.1 which suggests well-developed
meso/micropores. The pores are narrowly distributed. For type “M,” with
complex multiporosity feature, the initial imbibition rate becomes lower,
which suggests microfractures are embedded in the rock matrix, representing
good-connected microfractures to poor-connected matrix pores. The macro-
pores, mesopores, and micropores are developed, and the pore size distribu-
tion is of the multipeak type. Here macropores are >50 nm diameter,
mesopores are between 2 and 50 nm, and micropores are <2 nm, according
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to the International Union of Pure and Applied Chemistry (IUPAC) pore
classification (Ross and Bustin, 2009).

10.2.2 Handy (1960) method
Assuming a pistonlike spontaneous imbibition, Handy (1960) derived an
equation to predict that water imbibition volume (Vw) increases with the
square root of imbibition time (t):

V 2
w ¼ 2pckw4A2Sw

mw
t (10.2)

In the above equation, pc is the water-air capillary pressure at the front
water saturation Swf; Sw is the average water saturation behind the front

Type Imbibition curve

C

Sqrt (t/L2)

C

Sqrt (t/L2)

C

Sqrt (t/L2)

C

Sqrt (t/L2)

50nm

Pore distribution

Pore size diameter (nm)

50nm

Pore size diameter (nm)

50nm

Pore size diameter (nm)

50nm

Pore size diameter (nm)

Parameters

“B”
ni~0.5

nL > 0

“S”
ni > 0.5

nL > 0

“A”
0.26 < ni < 0.5

nL > 0.1

“M”

From ni > 0.5
to

0.26 < ni<0.5

nL > 0.1

Figure 10.1 Imbibition characteristics of tight gas rocks, ni is the early (initial) exponent,
nL is the late time exponent (Yang et al., 2016). Note that large pore sizes are in the left
side of the axis.
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according to the Handy derivation; kw is the effective water permeability at
Sw; 4 is the porosity; A is the flow cross-section area; and mw is the water
viscosity. It is assumed that water displaces air in a pistonlike manner. No
gravity is assumed to play the role in the process. Only the capillary force
overcomes the viscous force within the imbibition zone. As more water is
imbibed, water saturation Sw is increased and kw is increased, but pc is
declined exponentially with Sw. Handy’s experimental data through cores
confirmed the above linear relationship. Makhanov’s (2013) experimental
data also demonstrated the above relationship, but some imbibition data
showed that the imbibition rate slowed at later time.

10.2.3 Mattax and Kyte (1962) method
The imbibition oil recovery in laboratory needs to be converted to the field
scale. Based on the Rapoport (1955) scaling work, Mattax and Kyte (1962)
verified that the spontaneous imbibition behavior (resultant oil recovery) is
determined by the dimensionless time tD:

tD ¼ t

ffiffiffi
k
4

s
s

mwL2
c

(10.3)

Their equation does not consider gravity, matrix shape, wettability, rela-
tive permeability functions, boundary conditions, fluid viscosity ratios, or
initial fluid distributions. Lc is the characteristic linear dimension of the
block.

Based on the Mattax and Kyte (1962) equation, Ma et al. (1997) consid-
ered viscosity ratio by replacing mw with

ffiffiffiffiffiffiffiffiffiffiffiffiffi
mwmnw

p
:

tD ¼ t

ffiffiffi
k
4

s
s

ðmwmnwÞ0:5L2
c

(10.4)

Gupta and Civan (1994) introduced the wettability effect in the Ma et al.
equation by multiplying s by cosq:

tD ¼ t

ffiffiffi
k
4

s
scosq

ðmwmnwÞ0:5L2
c

(10.5)

q is the contact angle. Zhang et al. (2018) observed that, from the exper-
imental data of their research group, the imbibition recovery was not
strongly dependent on the interfacial tension s but inversely proportional
to porosity. They further modified the above dimensionless time as follows:
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tD ¼ t

ffiffiffi
k
4

s
absðlog sÞcosq
ðmwmnwÞ0:5L2

c

42 (10.6)

10.2.4 Li and Horne (2006) method
Our objective to study imbibition is to study the oil recovery by imbibition.
Li and Horne (2006) derived a spontaneous imbibition equation which re-
lates to almost all the parameters: gravity, initial fluid saturation, capillary
pressure, and relative permeability of the wetting and nonwetting phases.
Their equation is

tD ¼ � R* � ln
�
1�R*� (10.7)

where R* is the normalized oil recovery:

R* ¼ cVw (10.8)

Vw is the pore volumes of imbibed wetting phase:

Vw ¼ Ax4
�
Swf � Swi

�

Vp
(10.9)

tD is the dimensionless time:

tD ¼ c2
Mepc

�
Swf � Swi

�

4L2
c

t (10.10)

Vp is the pore volume. A is the cross-sectional area of the core perpendic-
ular to the flow direction. x is the distance the front transports. 4 is the
porosity. Lc is the characteristic length equal to core length. Swf is the average
wetting phase saturation behind the imbibition front. Swi is the initial water
saturation in the core sample.Me and pc are the effective mobility and capillary
pressure at the front wetting phase saturation Swf. The effective mobility for
cocurrent flow is defined as:

Me ¼ MwMnw

Mnw �Mw
(10.11)

The effective mobility for countercurrent flow is defined as:

Me ¼ MwMnw

Mnw þMw
(10.12)
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Here the subscripts w and nw represent wetting and nonwetting phases,
respectively. The mobilityM is defined as k/m, and k is the permeability, and
m is the viscosity. c is the ratio of the gravity force to the capillary force:

c ¼ b0
a0

(10.13)

a0 ¼
AMe

�
Swf � Swi

�

L
pc (10.14)

b0 ¼ AMeDrg (10.15)

where Dr ¼ rw � rnw, pc ¼ pnw � pw.
Several conditions for the above equations need to be emphasized. For

the cocurrent flow, it is assumed that wetting phase velocity is equal to
the nonwetting phase velocity:

vw ¼ vnw (10.16)

For the countercurrent flow, those two velocities have the following
relationship:

vw ¼ �vnw (10.17)

And the fluids are incompressible and immiscible. Another condition is

vpc
vx

¼ pc
x

(10.18)

The above equation assumes a pistonlike spontaneous imbibition
(Handy, 1960). Different factors that affect spontaneous imbibition are dis-
cussed next.

10.3 Effect of permeability and porosity

The effect of permeability and porosity is discussed using simulation
data, experimental data, and theories.

10.3.1 Simulation results
When comparing the mechanisms of IFT reduction and wettability alter-
ation in Section 9.5, a base sand model is introduced. The model matrix
core has the porosity of 0.24 and the permeability of 0.122 mm2. The
model initially is oil-wet, and water cannot imbibe into it. A surfactant so-
lution is added to imbibe the water into the core. To study the effect of
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ultralow permeability and porosity, the base sand model is converted to a
base shale model which has 0.1 porosity and 300 nD (w3 � 10�19 m2)
horizontal permeability. The maximum pressure increases 412 times
from seven psi for 122 mD permeability and 0.24 porosity to 2887 psi
for 300 nD permeability and 0.1 porosity, scaled according to permeability

and porosity using

0
@

ffiffiffiffiffiffiffiffiffiffiffiffiffiðk=fÞhigh
p
ffiffiffiffiffiffiffiffiffiffiffiffiffi
ðk=fÞlow

p ¼
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
122e�3=0:24

p
ffiffiffiffiffiffiffiffiffiffiffiffiffiffi
3e�7=0:1

p
1
A ¼ 412, according to Eq.

9.11. The imbibition recovery factors (RF) for the base sand model and
the base shale model are shown in Fig. 10.2. One may think the high capil-
lary pressure in the base shale model will quickly drive water in the core to
displace oil out. However, the imbibition oil recovery factor is only 26.8%
by more than 2 million days, indicating a very slow imbibition process. To
find the cause(s), the surfactant phase saturation profile shown in Fig. 10.3
for the 122 mDmodel is compared with that shown in Fig. 10.4 for the 300
nD model. The saturation profiles are in the middle layer of the models by
20 days of imbibition of a surfactant solution. The surfactant phase satura-
tions in the middle blocks are 0.47 and 0.32 for the 122 mD and 300 nD
models, respectively. That means when the permeability is low, the

Figure 10.2 Effect of permeability and porosity on imbibition oil recovery.
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surfactant cannot diffuse into the low-permeability rock as fast as in the
high-permeability rock, although the capillary pressure is 412 times higher.
A higher capillary pressure means higher imbibition force, and thus higher
imbibition rate. However, there is another force: viscous force. We need to
consider these two forces together.

10.3.2 Theoretical considerations
According to Eq. (10.1), the imbibition velocity into a smaller pore is lower
than that into a larger pore. A core of smaller radii has lower permeability as r
is proportional to

ffiffiffiffiffiffiffiffi
k=f

p
. Although the capillary force is high in a shale core,

the viscous force is also high; the resultant effect of two forces makes the
imbibition velocity in a low-permeability rock lower than that in a high-
permeability rock.

Note that Eq. (10.1) ignores the slip flow. For the slip flow to take place,
the capillary diameter needs to be smaller than approximately 3 nm (Sharp

Figure 10.3 Surfactant phase saturation for 122 mD and 0.24 porosity at 20 days.
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et al., 2001). This was confirmed by an experimental and theoretical study
by Koo and Kleinstreuer (2003). Thus, the continuum theory is still appli-
cable to fluid flow through nanopores in shale matrix in a practical sense.

From the above discussion, the imbibition velocity in the low-
permeability rock should be one-412nd of that in the high-permeability
rock. In other words, the oil recovery factor (RF) in the low-permeability
rock should be close to that (45.2%) in the high-permeability rock by
412 � 138 ¼ 56,856 days, since the RF in the high-permeability rock is
45.2% by 138 days of imbibition. However, the simulation data shows that
the RF is only 26.8% by more than 2 million days. Why? There must exist
other forces in addition to capillary force and viscous force, and/or other rea-
sons. We now discuss the possible causes as follows.

First, Eq. (10.1) describes the wetting phase (water) imbibition into an air
capillary tube. The resistance of air is neglected; water “freely” imbibes into
the capillary tube of air. In the water-oil system, the oil resistance must be
considered. In addition, water and oil are slightly compressible. For water

Figure 10.4 Surfactant phase saturation for 300 nD and 0.1 porosity at 20 days.
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to enter the rock, oil must flow out in the same time through countercurrent
flow. These factors make the water imbibition velocity in an oil-water-rock
system lower than what is predicted by Eq. (10.1).

Second, in an oil-wet system, a surfactant must enter the system to alter
the wettability. Surfactant has adsorption. The surfactant has higher
adsorption in a low-permeability rock than in a high-permeability rock.
The adsorption causes the retardation of surfactant transport (Sheng,
2011). The retardation is higher in the low-permeability rock than in
the high-permeability rock. Therefore, the imbibition velocity of a surfac-
tant solution will be lower than that predicted by Eq. (10.1).

Third, a surfactant enters the oil-wet system through diffusion and disper-
sion. The diffusion coefficient in a tortuous pore system is proportional to the
pore porosity (Sheng, 2011). Then the diffusion in a low-porosity (low-
permeability) rock will be lower than that in a high-permeability rock. The
dispersion coefficient is proportional to the fluid velocity (Sheng, 2011).
Thus the dispersion in a low-permeability rock is lower than that in a
high-permeability rock as well. Therefore, both diffusion and dispersion
will be lower in a low-permeability rock than in a high-permeability rock.
As a result, the surfactant imbibition velocity in the low-permeability will
be lower than that in the high-permeability rock.

Fourth, according to scaling theories, if the imbibition time is scaled by
ffiffiffi
k

p
or

ffiffiffiffiffiffiffiffi
k=f

p
, the oil recovery from water imbibition should be same from a

high-permeability formation and a low-permeability formation (Schmid
and Geiger, 2013). But the simulation result does not show that. This is
because the water imbibition into the oil-wet formation cannot occur before
the wettability is altered by surfactant. The wettability alteration is controlled
by surfactant diffusion and dispersion which are very slow in a tight formation.
Therefore, this invasion is very slow and is not scaled by

ffiffiffi
k

p
or

ffiffiffiffiffiffiffiffi
k=f

p
.

10.3.3 Experimental observation
Now we cite some experimental data of water imbibition in rocks of
different permeabilities. Dutta et al. (2014) visualized the water imbibition
profile in about 5e7 mD and about 100 mD cores. They observed that
the imbibition velocities were lower in the lower-permeability cores than
those in the higher-permeability cores. Yang et al. (2016) made the same
observation; their experimental velocities were lower than that predicted
by the theory; according to the theory, the cumulative imbibed volume
increases with the square root of imbibition time (Handy, 1960); the lower

Spontaneous imbibition 289



their porosity and permeability, the lower their experimental velocity was
compared with the theoretical velocity.

Yang et al. (2016) studied water imbibition in pores of difference sizes by
nuclear magnetic resonance (NMR). According to the NMR theory, the
transverse relaxation (T2) is inversely proportional to the surface-to-volume
ratio (S/V) of a porous medium (core), because the bulk relaxation and diffu-
sion relaxation can be negligible in porous media. As the pores become
smaller, the S/V becomes larger, and then T2 will be smaller. Yang et al.’s
experimental data show that T2 became smaller as more water imbibed, indi-
cating that water imbibed into the core initially into larger pores and later into
smaller pores. This is consistent with the Washburn (1921) equation, and it is
also consistent with Mirzaei and DiCarlo’s (2013) work. Imbibition in larger
pores is higher than that in smaller pores, because smaller pores have higher
friction, although they have higher capillary force. However, an earlier paper
(Meng et al., 2015) from the same research group showed that T2 becomes
larger as the water imbibition time became longer. The data, which were
not consistent with the spontaneous imbibition theory by capillary pressure
(Washburn, 1921), might be affected by other unexplained factors. Further-
more,Wang et al. (2015b) observed in laboratory that as the core permeability
was higher, or equivalently, as the oil viscosity was lower, the oil recovery
from spontaneous imbibition was higher.

10.4 Effect of initial wettability and wettability
alteration

In the base shale model discussed earlier, the rock is initially oil-wet. If
no surfactant is added in the water solution, the rock remains oil-wet, and no
oil can be recovered by the countercurrent oil-water flow. The preceding
section shows that wettability alteration is a very slow process, especially
in a shale or tight reservoir. Some reservoirs are initially water-wet. Then
let us see how fast and how much oil can be produced from a shale reservoir.
Table 10.1 shows that the oil recovery factor by spontaneous water imbibi-
tion from the shale rock being initially water-wet is 38% for 138 days. For
comparison, the oil recovery factor from the conventional rock is also shown
in the table which is 42.6%. For both the conventional rock and the shale
rock, the recovery factors are zero if they are initially oil-wet and no surfac-
tant is added to alter the wettability. These results indicate that the initial
wettability is very important, which is consistent with Bourbiaux and
Kalaydjian’s (1990) experimental data; if the rock is initially water-wet,
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the oil recovery factors from spontaneous imbibition are similar for the con-
ventional rock and the shale rock. Recall from the preceding section that
when the rock is initially oil-wet, the oil recovery factors are very different
as shown in Fig. 10.2.

To further explain our point, the oil recovery versus time is plotted in
Fig. 10.5 for the two cases: initially water-wet rock and oil-wet rock but
slowly altered to water-wet by surfactant. It shows that the oil recovery fac-
tor in the former case quickly reaches to the maximum recovery factor of
42.6%, while in the latter case, the oil recovery is very slow because it takes

Table 10.1 Oil recovery factors (RF, %) by 138 days at different initial wettabilities.
Conventional rock Shale rock

Permeability, mD 120 3.3E-04
Porosity 0.24 0.1
RF, initially oil-wet rock (no
surfactant added)

0.0 0.0

RF, initially water-wet rock (no
surfactant needed)

42.6 38

RF, initially oil-wet changed to
intermediately wet
(IFT ¼ 0.008 mN/m)

45.0 0.01

RF, initially oil-wet changed to
water-wet (IFT ¼ 0.008 mN/m)

46.9 13.0

RF, initially oil-wet changed to
intermediately wet
(IFT ¼ 20 mN/m)

41.2 5.0

RF, initially oil-wet changed to
water-wet (IFT ¼ 20 mN/m)

44.9 41.1

Figure 10.5 Comparison of oil recovery curve of the initial water-wet case with that of
the case of initially oil-wet slowly altered to water-wet by surfactant.
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time for the surfactant imbibition to alter wettability; it takes 1 million days
to reach 42.2%.

The above table also shows that if the oil-wetness is gradually altered to
completely water-wetness by surfactant, the shale rock can have an oil
recovery of 13%, whereas the conventional rock has 46.9%. The former
case has much lower oil recovery because the surfactant solution has to
slowly imbibe into the rock to change the wettability. In other words, if a
shale or tight reservoir is initially oil-wet, it is not an effective method to
use surfactant to change wettability. Note that the water-oil interfacial ten-
sion (IFT) is ultralow (0.008 mN/m).

A surfactant may only change wettability but not reduce IFT. Such sur-
factants are generally cationic and nonionic surfactants (Sheng, 2013a). In
such a situation, the water-oil IFT is maintained at 20 mN/m, but the
wettability is altered to intermediately water-wet and water-wet completely
by the surfactant. The simulation results for these two cases are also shown in
the above table. When the oil-wetness is changed to intermediate water-
wetness, the oil recovery from the shale core is 0.01% when the IFT equal
to 0.008 mN/m, but it is 5% when the IFT is 20 mN/m. When the oil-
wetness is changed to complete water-wetness, the oil recovery from the
shale rock is 13% when the IFT is equal to 0.008 mN/m, but it is 41.1%
when the IFT is 20 mN/m. These results show that when the wettability
is altered, the IFT should be higher for a shale rock. To make this conclusion
visually clear, the oil recovery curves for the case of IFT ¼ 0.008 mN/m by
1 million days and for the case of IFT ¼ 20 mN/m by 138 days are
compared in Fig. 10.6, when the shale rock wettability is changed from
initially oil-wet to water-wet by surfactant. Such results are consistent

Figure 10.6 Comparison of oil recovery curves of different IFT values when the shale
wettability is changed from initially oil-wet to water-wet by surfactant.
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with those from an earlier work (Sheng, 2013b). Kathel and Mohanty’s
(2013) experimental data also showed that the rate of oil recovery in tight
(10 mD) oil-wet or mixed wet sandstone cores increased with high IFT
by spontaneous imbibition.

Generally, cationics and nonionics can change wettability by maintaining
the IFT higher. Particularly, cationic surfactants can form ion pairs with
adsorbed organic carboxylates of the crude oil and stabilize them into the
oil thereby changing the rock surface to water-wet (Tabatabal et al.,
1993; Stadnes and Austad, 2000; Austad and Standnes, 2003; Xie et al.,
2005). Generally, the IFT between such surfactant solution and oil is not
low (>0.1 mN/m) (Adibhatla and Mohanty, 2008).

However, for the conventional rock, the preceding table shows that the
oil recovery factors for the 20 mN/m IFT cases are not as high as those in
their respective 0.008 mN/m IFT cases, when the wettability is changed
from oil-wet to intermediately water-wet and completely water-wet.

10.5 Effect of interfacial tension (IFT)

It can be seen from the preceding section that the IFT plays an impor-
tant role in imbibition and in wettability alteration. This section further dis-
cusses its role in spontaneous imbibition.

10.5.1 Theoretical and experimental analysis
Capillary pressure (pc) can be calculated from

pc ¼ 2s cos q
r

(10.19)

Here q is the contacting angle, r is the pore radius, and s is the IFT
between a wetting phase and a non-wetting phase. When s is higher, pc is
higher. Then the imbibition becomes stronger, and the imbibition rate be-
comes higher, which generally corresponds to a higher recovery of the non-
wetting phase (oil if the rock is water-wet). This claim can be verified
experimentally by Mattax and Kyte (1962), for example.

Cuiec et al. (1994) reported that the average recovery curves versus time
at different IFTs from oil recovery was higher in the early time as shown in
Fig. 10.7, which is consistent with the simulation results by Sheng (2013b)
who showed that the wettability alteration with higher capillary pressure is
effective in the early time of imbibition. But the oil recovery factors during
late time became lower than those from lower IFT experiments. This is
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because the gravity segregation played an important role at a longer time
when the IFT was low. This also implies that the gravity effect is slower
than the capillary effect in low-permeability porous media. Such results
are in agreement with those from Schechter et al. (1991) for low-
permeability samples. Austad and Milter (1997) used surfactants to reduce
the oil-water IFT to conduct imbibition tests on chalk. The imbibition
rate was lower than that of water.

Cuiec et al. (1994) also showed that after a higher IFT fluid system was
used, a subsequent lower IFT fluid system resulted in an increase in oil re-
covery. Their interpretation was that there was a capillary pressure threshold
caused by the contact angle hysteresis and short oil ganglia. A high IFT sys-
tem caused the raised threshold and at some time, oil ganglia movement
stopped, and no further oil could be recovered. Note that in Cuiec et al.’s
experiments, the low IFT values of 0.8 and 1.5 mN/m might not be low
enough to cause the significant increase in capillary number or the significant
decrease in residual oil saturation. In other words, the increase in oil recov-
ery may not be caused by capillary desaturation.

Wang et al. (2015b) reported that the imbibition oil recovery increased as
the IFT became lower, but decreased as the IFT became further lower, as
shown in Fig. 10.8. They interpreted that the increase of the interfacial ten-
sion enlarged the emulsified oil droplets, which increased the resistance to
displace oil by gravity segregation. They concluded that there existed an
optimal IFT that led to the highest imbibition recovery. The exact core
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Figure 10.7 Average recovery curves for various IFTs (Cuiec et al., 1994).
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permeability and other experimental details, for example, the surfactant
used, were not reported in their paper. Their conclusion might not univer-
sally hold as there was only one data point that deviated from the thread of
the rest of the data points.

10.5.2 Simulation analysis
Some surfactants like anionic surfactants can reduce water-oil IFT but may
not change rock wettability (Sheng, 2013a). Table 10.2 shows the effect of
IFT reduction by such type of surfactants. The simulation base shale model
was referred earlier. For the conventional rock, when the IFT is higher than
0.049 mN/m, oil cannot be recovered by water imbibition without chang-
ing oil-wetness to water-wetness by surfactant. The capillary number in the
simulation model is in the order of 10�9. Such low capillary number cannot
reduce residual saturations or increase relative permeabilities. Also, such
intermediate IFT makes the capillary pressure negatively too large so that
oil cannot flow out of the oil-wet rock.

For the case of initially oil-wet shale rock, no matter what values of the
IFT, no oil can be recovered because of the very low permeability, in addi-
tion to the reasons mentioned above for the conventional rock. This is a very

Figure 10.8 Imbibition oil recovery versus interfacial tension for an Ordos Basin core
(Wang et al., 2015b).

Table 10.2 Oil recovery factors (RF, %) at different IFTs (no wettability alteration).
Conventional rock Shale rock

Permeability, mD 120 3.3E-04
Porosity 0.24 0.1
RF at 20 mN/m (initially oil-wet rock) 0 0
RF at IFT ¼ 0.049 mN/m 0 0
RF at IFT ¼ 0.0323 mN/m 20 0
RF at IFT ¼ 0.008 mN/m 42 0
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important observation. It means that conventional IFT reduction mecha-
nism by surfactants may not be effective in shale or tight reservoirs for spon-
taneous imbibition. It should be mentioned that in those simulation models,
the residual saturations (oil, water surfactant phases) are all assumed zero, and
the maximum relative permeabilities of oil, water, and surfactant phases are
all assumed one, and their exponents of relative permeabilities are also
assumed one as well at their high capillary numbers. These values of the pa-
rameters represent the best benefits a surfactant can provide in terms of IFT
reduction. In other words, although the models have made the best use of
IFT reduction mechanism, oil cannot be recovered from the shale rock.
The discussion here demonstrates that wettability alteration is fundamental
in shale reservoirs in terms of oil recovery by spontaneous imbibition.

10.6 Effect of diffusion

In the base shale model, the effective molecular diffusion coefficient is
7 � 10�11 m2/s (6.5 � 10�5 ft2/day). The value is in line with typical sur-
factant diffusion coefficients on the order of 10�11e10�10 m2/s (Lindman
et al., 1980; Cazabat et al., 1980; Chou and Shah, 1980; Weinheimeret
et al., 1981). When the diffusion coefficient is of 0.1, 1, 10, and 100 times
7 � 10�11 m2/s, their oil recovery factors are represented in Table 10.3. It is
assumed that surfactant changes the oil-wetness to intermediate wetness
(u ¼ 0.5). First, it is assumed that the IFT is reduced to 0.008 mN/m by sur-
factant. Oil can hardly be recovered by 138 days of imbibition, no matter

Table 10.3 Recovery factors at different diffusion coefficients.
By 138 days By w1.3 million days

IFT ¼ 0.008 mN/m, the base diffusion coefficient D ¼ 7E-11 m2/s

0.1D 0.01 21.8
Base D 0.01 21.9
10D 0.01 22.0
100D 0.01 22.1

IFT ¼ 20 mN/m

0.1D 4.7
Base D 4.9
10D 5.03
100D 5.04
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what value of the diffusion coefficient is used. About 22% oil is recovered by
w1.3 million days of imbibition, indicating diffusion is a very slow process.
Reducing and increasing the diffusion coefficient by 10 and increasing it by
100 times result in about (0.1e0.2)% difference in the oil recovery factor,
showing the oil recovery is not sensitive to the diffusion coefficient. In other
words, the diffusion cannot be a dominant mechanism.

When the IFT is 20 mN/m, the oil recovered is about 5% by 138 days of
spontaneous imbibition, much higher than those when the IFT is
0.008 mN/m. The discussion in this section shows that a high IFT is needed
for the capillary pressure to help diffusion play the role. When the IFT is
low, capillary pressure as a driving force will be low, leading to low diffusion.

10.7 Effect of gravity

When the rock permeability is high, the gravity force and the capillary
pressure together determine the fluid distribution through imbibition. In the
case of initial oil-wetness and the wettability is altered by a surfactant solu-
tion, the imbibition rate and the oil recovery become higher as the IFT is
lower. This has been verified by some experiments (e.g., Schechter et al.,
1991) and by a numerical simulation study, as shown in Fig. 10.9 (Sheng,
2013b). The figure shows that when the IFT is 0.049 mN/m, oil can barely
be recovered by water imbibition because the core is initially oil-wet, and
the capillary force is resistant to the surfactant solution imbibition into the
core to displace oil out. When the IFT becomes lower (0.0323 or
0.0088 mN/m), oil is driven out by gravity which overcomes the capillary

Figure 10.9 Effect of IFT on oil recovery by surfactant solution imbibition (Sheng,
2013b).
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resistance. Fig. 10.10 shows as the density difference between oil and water
(1 g/cm3) is large, the incremental oil recovery due to gravity effect is
higher. The incremental oil recovery is the oil recovered over that recovered
when the oil density is equal to the water density.

When the gravity dominates an imbibition process, Cuiec et al. (1994)
proposed a scaled or normalized time which is defined as the real imbibition
time divided by the reference time (tg):

tg ¼ Lcmo
kðDrÞg (10.20)

where tg is the ratio of viscous force to gravity force, mo is the oil viscosity, k is
the permeability, Lc is the characteristic length, and Dr is the density dif-
ference between water and oil. When the normalized time is used to plot the
oil recovery factors from the simulation models of different scales (different
Lc), the recovery factor curves overlap each other, as shown in Fig. 10.11
(Sheng, 2013b). This indicates that the gravity is the dominant mechanism.

In a practical case, both capillary force and gravity force act in the imbi-
bition process. To define the relative importance of the two forces, the Bond
number is defined:

NB ¼ kðDrÞg
s

(10.21)

A higher Bond number represents a higher gravity force. Morrow and
Songkran’s (1981) data showed that as the Bond number was increased
(higher dip angle), the trapped oil saturation became lower (higher oil re-
covery) (See Fig. 10.12). A higher Bond number can also be achieved by
lower IFT, higher permeability, and high density-difference. In the case
of ultralow IFT, the flow is dominated by gravity segregation. The flow is

Figure 10.10 Effect of gravity on incremental recovery factor (Sheng, 2013b).
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cocurrent for the two phases. Bourbiaux and Kalaydjian’s (1990) relative
permeability data showed that cocurrent relative permeabilities were higher
than countercurrent values for capillary-dominated flow. For intermediate
values of the bond number (0.5 e 5 according to Schechter et al. (1994)),
the gravity contribution is strong enough to cause considerable segregation
of the flow, and the capillary force is also strong enough. Schechter et al.’s
(1994) experimental data showed that the combined effects of gravity and
IFT led to faster recovery of the nonwetting phase than that observed by
either gravity-dominated or capillary-dominated flow. The above discus-
sions apply to conventional reservoirs.

Figure 10.12 Effect of Bond number on trapping of residual oil saturation. Data from
Morrow, N.R., Songkran, B., 1981. Effect of viscous and buoyancy forces on nonwetting
phase trapping in porous media. In: Shah, D.O. (Ed.), Surface Phenomena in Enhanced Oil
Recovery. Plenum Press, 387e411.

Figure 10.11 Oil recovery factor versus the scaled or normalized time (Sheng, 2013b).
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Using the base shale model, the effect of gravity is also investigated by
changing oil density. The oil and water densities in the base model are
0.88 and 1.0 g/cm3, respectively. A low IFT of 0.008 mN/m and a high
IFT of 20 mN/m are studied. Table 10.4 shows that at the IFT of
0.008 mN/m, no oil can be recovered by 138 days, when the oil density is
0.88 or 1.0 g/cm3; and the incremental oil recovered from the gravity is about
8.7% (¼ 22e13.3) by 1.33 million days. At the IFT of 20 mN/m, the oil
recovered is 5% by 138 days, when the oil density is 0.88 or 1.0 g/cm3;
the incremental oil recovered is 5.5% (¼ 33.5e28) by 1.33 million days.
From these data, we can see that within a realistic time, the gravity cannot
play an important role in increasing oil recovery. To realize the gravity effect
on improving oil recovery, a very long time is needed (millions of days for the
small shale core).

Using the parameter values for the small shale core, the calculated Bond
number is 4.41 � 10�11 for the IFT equal to 0.008 mN/m:

NB¼Drgk
s

¼
�
120kg

�
m3

��
9:8m

�
s2
��
3� 10�19

�

ð8� 10�6Þ ¼ 4:41� 10�11

And it is 1.764� 10�14 if the IFT is 20 mN/m. These data imply that in
a shale reservoir, the gravity cannot play an important role in fluid flow
compared with the capillary force. When the permeability is too low in shale
and tight formations, the gravity cannot overcome the flow resistance
(viscous force); a high IFT and water-wetness are needed to lead a high
capillary drive force to displace oil out. In such a situation, the gravity is
not a dominant factor; and the higher the IFT, the higher the oil recovery
by spontaneous imbibition will be.

Table 10.4 Effect of gravity on RF.
By 138 days By 1.33 million days

IFT ¼ 0.008 mN/m

RF at oil density 0.88 0.01 22
RF at oil density 1.0 0.01 13.3

IFT ¼ 20 mN/m

RF at oil density 0.88 5.0 33.5
RF at oil density 1.0 5.0 28
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10.8 Effect of viscosity ratio

Generally, the wetting phase viscosity (mw) is used and the nonwetting
phase viscosity is ignored. Ma et al. (1997) included the effect of nonwetting
phase (oil) viscosity (mnw) by using

ffiffiffiffiffiffiffiffiffiffiffiffiffi
mwmnw

p
. However, many experimental

studies (Behbahani and Blunt, 2005; Fischer and Morrow, 2006; Fischer
et al., 2006) and numerical results (Behbahani and Blunt, 2005) did not
support that such treatment could be general. Wang et al. (2015b) observed
in laboratory that as the oil viscosity was lower, the oil recovery from spon-
taneous imbibition was higher. Makhanov et al. (2014) found that the imbi-
bition rate of xanthan gum solution was significant despite its high viscosity.
This suggests that water uptake is mainly controlled through preferential
adsorption of water molecules by the clay particles, and high viscosity of
the solution can only partly reduce the imbibition rate.

10.9 Effect of initial water content

If the initial water saturation Swi is higher than the connate (immobile)
water saturation Swc, the capillary pressure will be lower but the water (wet-
ting) phase mobility will be higher. They affect the imbibition in different
directions. Most of experiments were done at Swc or Swi ¼ 0 so far.

10.10 Countercurrent flow versus cocurrent flow

In a case of water-wet core which has a high initial oil saturation, the
space between the outside core and the wall of the imbibition cell is full of
water. The water and oil phase pressures in the imbibition cell is the same,
but the oil phase pressure inside the core is higher because the capillary pres-
sure is positive. Then oil will flow from the inside of the core to the outside.
Meanwhile the water outside the core will flow toward the inside. Thus
countercurrent flow occurs by the capillary force. In laboratory, oil can be
seen to flow out of the core from all the faces of the core.

In the above system, if chemicals, a surfactant as an example, are added in
the water so that the water-oil interfacial tension is reduced, the water-oil
capillary pressure is significantly reduced, and the gravity force can over-
come the capillary force. Then water will push oil from the bottom of
the core. Both oil and water will flow out of the top face of the core in
the same vertical direction. This flow is called cocurrent flow.
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The countercurrent flow and cocurrent flow described above can occur
in spontaneous imbibition for any pair of wetting and nonwetting phases, for
example, in a gas-liquid system.

It has been observed that oil comes from all the faces of the core in the
early time, then comes from the top face of the core only at later time
(Schechter et al., 1994; Chen and Mohanty, 2015). In other words, the capil-
lary force dominates in the early phase, while the gravity plays the dominant
role in the late phase. The gravity works all the time, but the capillary force is
higher in the early time than in the late time, because the capillary pressure
gradient becomes lower in the late time because the imbibition distance
becomes longer, while the capillary pressure at the imbibition front remains
the same. The fact that the capillary pressure plays the important role in
the early time has been verified by the simulation work by Sheng (2013b)
which is represented in Fig. 10.13. Look at the two oil recovery curves
marked by OW þ IFT and WW þ IFT. The OW þ IFT curve represents
the imbibition oil recovery when the wettability is kept oil-wet but a low
water-oil IFT is maintained; the WW þ IFT curve represents the oil recov-
ery when the wettability is changed from oil-wet to water-wet and a low
water-oil IFT is maintained. It can be seen that the oil recovery from
WW þ IFT is much higher than that from OW þ IFT in the early time
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(less than 5 days), but in the late time, the two curves rise similarly and
become almost parallel during the very late time. The difference between
the two curves is that WW þ IFT has additional wettability alteration which
makes the capillary pressure work to improve oil recovery in the early time.
In other words, the capillary force dominates in the early time. In these
simulation cases, the IFT is low at 0.0088 mN/m. When the IFT is low,
the capillary number becomes high, resulting in improved relative permeabil-
ities, and the gravity can play its role to produce oil. Note the permeability in
the model is 122 mD.

10.11 Behaviors of different surfactants

Alvarez et al. (2014) as well as Alvarez and Schechter (2017) per-
formed spontaneous imbibition experiments monitored by CT in shale
reservoirs to compare the effects of anionic surfactants and nonionic surfac-
tants. They concluded that anionic surfactants show superior effect on
wettability alteration and oil recovery during spontaneous imbibition.

Liu et al. (2019) compared the capability of wettability alteration of
anionic surfactants and nonionic surfactants. They observed that anionic sur-
factants (sodium alcohol ether sulfate (AES) and sodium C14-16 olefin
sulfonate (AOS)) more significantly altered core wettability toward more
water-wet than nonionic surfactants (alcohol ethoxylate (AEO-9) and
isomeric alcohol ethoxylates (IAE)). Those anionic and nonionic surfactants
reduced the IFT to the similar level as shown in Fig. 10.14. Because the
anionic surfactants have higher capability of wettability alteration, they

Figure 10.14 Measured water-oil IFT values in different surfactant solutions.
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offered high imbibition oil recovery as shown in Fig. 10.15. This figure also
shows that the imbibition rates of anionic surfactant solutions decreased with
the concentration as the IFT was more significantly reduced.

The NMRT2 spectrum curves before and after spontaneous imbibition of
these four surfactant solutions and heavy water are shown in Fig. 10.16.
Spontaneous imbibition took 10 days. The cores were initially saturated
with oil. Heavy water imbibed into the cores. Since heavy water did not
have NMR signal but oil had some signal strength, the NMR signal ampli-
tude decreased as more heavy water imbibed. This figure shows that most of
heavy water imbibed into the cores at T2 longer than 2.5 ms. Since T2 is
proportional to the pore size (Zhao et al., 2015), calibrating measured pore
size distribution with the T2 curve, we found T2 ¼ 0.05rp, rp is in nm. Ac-
cording to this relationship and based on the International Union of Pure
and Applied Chemistry (IUPAC) pore classification (Ross and Bustin,
2009), the pore types and T2 have the relationship described in Table 10.5.
From this figure and table, we can see that heavy water and surfactant solu-
tions mainly entered macropores; anionic surfactant solutions could enter
some pores smaller than those entered by nonionic surfactant solutions.

Nguyen et al. (2014) conducted spontaneous imbibition experiments on
reservoir cores of Bakken shale and outcrops of Eagle Ford shale. The results
showed that the nonionic surfactant performed best while the anionic sur-
factant came second and cationic surfactant (ethoxylated tallow amine)
came last. Actual reservoir brines were used. Alkali sodium metaborate

Figure 10.15 Imbibition oil recovery from anionic and nonionic surfactant solutions.
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(NaBO2$4H2O) was added to generate soap (in situ generated surfactant), so
that this soap may have a synergy with a synthetic surfactant, and alkali may
reduce surfactant adsorption. These mechanisms are discussed in Sheng
(2011) for alkali-surfactant flooding. Alkali may also change wettability
(Johnson, 1976). For Bakken cores aged with Bakken crude with high resin
content, Nguyen et al. (2014) found increase in alkali decreased oil recovery

Figure 10.16 T2 spectrum curves in initially saturated cores before and after sponta-
neous imbibition of heavy water and four surfactant solutions.
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by an anionic surfactant and an amphoteric surfactant, but increased oil recov-
ery by the cationic surfactant tallow amine. They suspected that increased
alkali may change the optimum salinities of the anionic and amphoteric sur-
factants. However, they presented another experimental data showing adding
alkali decreased oil recovery from a cationic surfactant solution. They
explained that the soap and the cationic surfactant had opposite charges result-
ing in a much more hydrophobic mixture and altering the wettability and/or
IFT in an unfavorable way. Alkaline precipitation was observed as the imbi-
bition progressed for the cationic surfactant with alkali added in the 30% TDS
brine (total dissolved salt). Their experimental data showed the nonionic

Figure 10.16 (continued).

Table 10.5 Relationship among T2, pore size, IUPAC pore classification.
T2 Relaxation time, ms Pore radius (r), nm Pore type

0.01 � T2 � 0.1 rp < 2 Micropores
0.1 < T2 � 2.5 2 < rp � 50 Mesopore
T2 > 2.5 rp > 50 Macropore
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surfactant with the alkali additive behaved best in oil recovery. There was no
alkaline precipitation observed, as the interaction between the soap and the
nonionic surfactant is mainly a hydrophobic interaction of the hydrocarbon
tails, not like the interaction between the opposite head groups of the soap
and the cationic surfactant.

However, Nguyen et al. (2014) observed that a cationic surfactant (0.2%
concentration, no alkali additive) produced the highest oil recovery (27%
after 600 h of imbibition) from an Eagle Ford core aged with Bakken oil.
The cationic surfactant altered the oil-wetness to water-wetness. The Eagle
Ford core is carbonate dominated (47%). This result is consistent with that
from Alvarez et al. (2018) that a cation works better with a carbonate
core, as discussed in the last chapter of this book.
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CHAPTER ELEVEN

Forced imbibition

Abstract

This chapter discusses the imbibition by pressure gradient that is sometimes called
forced imbibition. Forced imbibition occurs in flooding and soaking. Numerical simu-
lation approach is used to analyze the performance of forced imbibition in fractured
shale and tight rocks. The effects of permeability and porosity, wettability alteration,
interfacial tension, capillary pressure, and pressure gradients on fractured shale and
tight rock system are investigated. At the end, experimental results are discussed,
and field tests of surfactant EOR are presented.

Keywords: Forced imbibition; Fractured reservoirs; IFT; Pressure gradient; Surfactant EOR;
Wettability alteration.

11.1 Introduction

In terms of EOR methods, water injection has not been studied as
extensively as gas injection, probably because the former may not be as
effective as the latter (Sheng and Chen, 2014; Yu and Sheng, 2017). To
improve water injection performance, many efforts have been made to
add surfactants or chemicals. Once water is injected, water may imbibe
into rocks through capillarity or by pressure. The capillary imbibition is
called spontaneous imbibition which was discussed in Chapter 10. The
imbibition by pressure gradient is sometimes called forced imbibition which
is discussed in this chapter. Forced imbibition occurs in flooding and soak-
ing. Numerical simulation approach is used to analyze the performance of
forced imbibition in fractured shale and tight rocks. The effects of perme-
ability and porosity, wettability alteration, interfacial tension, capillary
pressure, and pressure gradients on fractured shale and tight rock system
are investigated. At the end, experimental results are discussed, and field tests
of surfactant EOR are presented.
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11.2 Description of a base shale model

Compared with spontaneous imbibition, much less work has been
done for forced imbibition in shale and tight reservoirs. To study the forced
imbibition EOR performance, relatively more numerical simulation work
will be discussed. To facilitate the discussion, a base simulation model is first
described.

In the Najafabadi et al. (2008) experiment, a system of matrix and frac-
tures was flooded sequentially by water, an alkaline solution, and an
alkaline-surfactant solution. Nine Texas cream cores 100 � 100 � 100 each
core were put together to form a fractured system with the apertures
between neighboring blocks representing fractures, as shown in Fig. 11.1
by simulation grids. There were two fractures parallel to the flow direction
and four fractures perpendicular. The fracture width was about 1 mm
(0.003281 ft). The model grid parameters are reported in Table 11.1. The
initial water saturation is 0.14. The oil viscosity is 10.5 cP.

The estimated pore volume of the core was 120 mL. The injection
scheme in the experiment was: 0.71 PV water injection with 4.8 wt.%
NaCl, 1.6 PV (from 0.71 to 2.4 PV) alkali injection with 1 wt.% sodium
metaborate and 3.8 wt.% NaCl followed by 0.97 PV (from 2.4 PV to
3.37 PV) alkaline-surfactant injection with 1.5 wt.% PetroStep S-1 and

Figure 11.1 Model grid with initial water saturation, fractures, an injector (Inj), and a
producer (pro).
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0.5 wt.% PetroStep S-2, 2 wt.% secondary butanol as cosolvent, 1 wt.%
sodium metaborate, and 3.8 wt.% NaCl. The injection rate in the experi-
ment was 0.002 ft3/day. The pressure gradient was 0.8 psi/ft. For more
detailed experimental description, see Najafabadi et al. (2008).

Delshad et al. (2009) history matched the experiment using a UTCHEM
model (version 9.95, 2009). The capillary pressure of the initial mixed-wet
rock is described in Fig. 11.2, with positive and negative capillary pressures
depending on water saturation. The negative pressure is responsible for trap-
ping a large amount of oil in the matrix. After the wettability of the matrix is
altered toward water-wet conditions, capillary pressures become positive as
also shown in the figure. The wettability alteration is achieved if the surfac-
tant concentration is above the input critical micelle concentration, or the
alkaline concentration is above zero. As is well known, relative permeability
depends on wettability. If the rock wettability is changed, the relative
permeability curves will be changed. The parameters of relative permeability
and capillary pressure at the initial wettability and altered wettability are

Table 11.1 Grid parameters of the simulation model.
Parameter Matrix Fracture

Number of grids 31 � 11 � 3
Grid size in the X
direction, ft

0.02778 0.003281

Porosity 0.298 1
Permeability, mD 34 2000

Figure 11.2 Capillary pressure curves at the initially mixed-wet and at altered water-
wet.

Forced imbibition 311



reported in Table 11.2, and the relative permeability curves are presented in
Figs. 11.2e11.4. The relative permeability curves are described using the
Corey-type of equation (Brooks and Corey, 1966). The parameters about
the capillary pressure will be described later.

During the surfactant injection, the IFTs of water/microemulsion and
oil/microemulsion are reduced, and they are functions of salinity as shown
in Fig. 11.5. For the base model, the IFT is close to 0.001 mN/m at the op-
timum salinity of 0.96 meq/mL. When IFTs are reduced, residual satura-
tions are reduced, and their relative permeabilities are increased. This
mechanism is described by the capillary desaturation curves (CDC), such
as Eq. 9.2 for the oil phase. The CDC parameters for water, oil, and micro-
emulsion phases in the matrix blocks used in the base model are presented in
Table 11.3, with the subscript dummy p being o, w, or m for oil, water, and
microemulsion phase, respectively.

Note that two sets of relative permeability curves are required in simu-
lation. One set describes the effect of wettability alteration in Table 11.2,
and the other set describes the effect of capillary number in Table 11.3

Table 11.2 Model parameters of the relative permeabilities and capillary pressure at
the initial mixed wettability and altered water-wet wettability for matrix and fracture
at (NC)C.

At initial wettability
At altered
wettability

Parameter Matrix Fracture Matrix Fracture

Residual water saturation 0.1 0.05 0.2 0.1
Residual oil saturation 0.4 0.35 0.2 0.05
Water rel. perm. endpoint 0.3 0.4 0.2 0.3
Oil rel. perm. endpoint 0.4 0.6 0.7 1
Water rel. perm. exponent 2 1.5 2.5 2
Oil rel. perm. exponent 3 1.8 2 1.5
Wettability Mixed-

wet
Mixed-
wet

Water-
wet

Water-
wet

Positive capillary pressure endpoint, psia
(Darcy)1/2

0.10133 0 0.10133 0

Negative capillary pressure endpoint, psia
(Darcy)1/2

�0.14524 0 N/A N/A

Capillary pressure exponent 3 0 3 0
Water saturation at zero capillary pressure 0.41 0 N/A N/A
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Figure 11.3 Relative permeability curves for the matrix at the initially mixed-wet and at
altered water-wet.
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Figure 11.5 IFT changes with salinity in the base model.
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which is for the matrix. The parameters for the capillary desaturation curves
used in the base model for the fracture at (NC)C are reported in Table 11.2,
and the parameters for the fracture at (NC)max are the same as those for the
matrix in Table 11.3. The same values of Tp in Table 11.3 are used for the
matrix and the fracture.

The model is symmetric along the Y direction. To cut the simulation
running time, the model is cut into two halves along the Y direction.
Furthermore, 100 of matrix in the X direction (1/3 of model in the X
direction) and one fracture (half model in the Y direction) are included in
the model. The final model sizes become 100 � 1.500 � 100. The grids are
11 � 6 � 3. The injection rate is changed to one-sixth of that of the exper-
iment, that is, 0.00033 ft3/day. Based on this smaller model, the
permeability and porosity in the base model are replaced by shale properties
which are 300 nD (w3 � 10�19 m2) and 0.1 for the permeability and
porosity, respectively.

In general, a surfactant may change wettability and reduce IFT. Since the
surfactant is injected with the alkali, the model assumes the surfactant
reduces IFT and the alkali changes wettability. The degree of wettability
alteration is controlled by interpolation scaling factor parameters ukr to
represent the changes in relative permeability and upc to represent the
changes in capillary pressure:

kr ¼ukrk
ww
r þ ð1�ukrÞkmwr (11.1)

pC ¼upcp
ww
C þ ð1�upcÞpmwC (11.2)

where the superscript ww and mw denote water-wet and initially mixed-wet
conditions. The capillary pressure pC is a scaled with IFT, porosity, and
permeability as follows:

pwwCjj0 ¼Cpc

ffiffiffi
4

k

r
swwjj0

sowjj0

 
1� Sj � Sjr

1�P3
j¼1Sjr

!Epc

j0; j ¼ 1; 2; 3 (11.3)

where Cpc
ffiffiffiffiffiffiffiffi
f=k

p
takes also into account the effect of permeability and

porosity using the Leverett-J function (1941), f is the porosity and k is the
permeability, s is the interfacial tension, S is the saturation at the water-wet
condition, the subscripts j; j0 denote phases with j being the wetting phase,
and Sjr denotes the residual saturation of phase j. Phases 1, 2, and 3 represent
water phase, oil phase, and microemulsion phase, respectively. The capillary
pressure endpoints in Table 11.2 are Cpc here. Assume the same Cpc
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value can be used in the experimental sand rock and the shale rock;
the maximum capillary pressure for the shale becomes0
@ ¼ 0:3

ffiffiffiffiffiffiffiffiffiffiffiffiffiðk=4Þhigh
p
ffiffiffiffiffiffiffiffiffiffiffiffiffi
ðk=4Þlow

p ¼ 0:3
ffiffiffiffiffiffiffiffiffiffiffiffiffiffi
34=0:298

p
ffiffiffiffiffiffiffiffiffiffiffiffiffiffi
3e�4=0:1

p
1
A ¼ 58.5 psia. Such pressure is unreal-

istically low for a shale rock. We leave it in the base model and will discuss
about it later. Next the performance from the shale rock is compared with
that from the sand rock. After that, the effects of capillary pressure and
pressure gradient are investigated.

11.3 Shale rock versus sand rock

The performance of the shale rock is compared with that of the sand
rock in terms of oil recovery factor, oil saturation, and oil cut. The oil recov-
ery factors for the water injection only, surfactant injection only, alkali
injection only, and their sequential injection for the sand rock are shown
in Fig. 11.6. The oil recovery factor for the water injection only has the
lowest oil recovery factor as expected, followed by surfactant injection
only and alkali injection only. Interestingly, the sequential injection of
water, alkali, and surfactant has the highest recovery factor (marked in
W-A-S in the figure), even higher than those from alkali and surfactant in-
jection. It is also interesting to notice that the oil recovery factor from the
alkali injection only is higher than that from the surfactant injection only.
Such a result cannot be universal, as alkali cannot perform so well (Sheng,
2011; 2015c). The specific conditions here are: the alkaline concentration
is 1%, and the surfactant concentration is 2%; the alkali changes the initially
mixed wet to intermediate wet (ukr and upc ¼ 0.5); the surfactant reduces
the oil-microemulsion IFT from the initially 20 mN/m (oil-water) to about
10�3 mN/m. Since the wettability alteration can be achieved by alkali

Table 11.3 Parameters for capillary desaturation curves used in the base model for
the matrix.

Phase Tp
Spr at
(NC)C

Spr at
(NC)max

kr end
point at
(NC)C

kr end
point at
(NC)max

kr
exponent
at (NC)C

kr
exponent
at (NC)max

Water 30,000 0.1 0 0.3 1 2 1
Oil 1,868 0.4 0 0.4 1 3 1
Microemulsion 342 0.1 0 0.3 1 2 1
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injection or surfactant injection (Sheng, 2012; 2013a), these results indicate
that wettability alteration could be more important than IFT reduction.

The oil recovery factors from the water injection only, surfactant injec-
tion only, alkali injection only, and their sequential injection for the shale
rock are shown in Fig. 11.7. No oil can be produced from the water injec-
tion only, because the shale rock is oil wet; once litter invaded water leads to
a higher water saturation in the invaded blocks, the capillary pressure
becomes negative (refer to Fig. 11.2), so oil can hardly flow out. For the
surfactant injection only, the IFTs are reduced and the relative permeabilities
are increased. The high permeabilities in the fracture make the injected sur-
factant solution break through the producer, so that the oil in the matrix

Figure 11.6 Oil recovery factors from water injection only, surfactant injection only, al-
kali injection only, and their sequential injection for the sand rock.

Figure 11.7 Oil recovery factors from water only, surfactant only, alkali only injection,
and their sequential injection for shale rock.
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blocks is bypassed, resulting in a very low oil recovery factor (w0.01). Oil
can hardly be produced after 0.4 days of injection. Figs. 11.8A, 11.8B
show the oil saturations at 0.4 and 9 days of injection, respectively in the
matrix, almost unchanged, especially near the producer which is in the
right-hand side. The oil saturation in the fractures is zero.

For comparison, the oil saturations at 0.4 and 9 days in the case of
surfactant injection only for the sand model are shown in Figs. 11.9A,
11.9B, respectively. It can be seen that the saturation changes significantly

Figure 11.8 Oil saturation at 0.4 days (A) and 9 days (B) in the case of surfactant injec-
tion only (shale rock).
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in the matrix, especially near the producer. In the sand rock, the perme-
ability is not low, so that surfactant solution can partially enter the matrix
instead of breaking through the fracture only.

For further comparison, the oil saturations at 0.4 and 9 days for the case
of alkali injection only in the shale rock are shown in Figs. 11.10A, 11.10B,
respectively. It can be seen the saturation changes significantly in the matrix
from 0.4 to 9 days. More interesting, the oil saturations by 9 days at the two

Figure 11.9 Oil saturation at 0.4 days (A) and 9 days (B) in the case of surfactant injec-
tion only (sand rock).
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sides of the fracture are uniformly distributed, indicating the alkaline solu-
tion enters the matrix uniformly by imbibition. And the oil saturation
near the fractures is reduced, indicating that countercurrent flow of alkaline
solution and oil occurs. Comparing to Fig. 11.9 for the surfactant injection
only, the oil production in the alkali injection only is later, because the imbi-
bition needs some time to effectively displace oil. The results from this
model seem to indicate that wettability alteration is more effective than
IFT reduction.

Figure 11.10 Oil saturation at 0.4 days (A) and 9 days (B) in the case of alkali injection
only (shale rock).
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Fig. 11.11 shows the oil cut for water injection only, surfactant injection
only, alkali injection only, and their sequential injection into the shale rock.
The oil cut for the water injection only is almost zero in the entire injection
history. The oil cut for the surfactant injection only has high oil cut
(maximum 0.1 outside the scale in the figure) in a very short time and almost
zero in the rest of injection history. The oil cut in the alkali injection only
has oil cut about 0.005. The oil cut in the sequential injection has the oil cut
similar to that in the alkali injection only, except there is short peak
(maximum 0.12 outside the scale in the figure). This figure shows that the
injected fluids break through at the producer through fractures, and very
little oil can be displaced out.

For comparison, the oil cuts for water injection only, surfactant injection
only, alkali injection only, and their sequential injection for the sand rock are
presented in Fig. 11.12. It shows that there is a high oil-cut peak in every
fluid injection in the early time, although the high oil-cut cannot be main-
tained. The contrast in performance between the sand rock and the shale
rock is that some oil can be produced in the early time from the sand
rock, whereas it is very difficult from the shale rock. Channeling is a
well-known problem in fractured reservoirs. It can be seen that this problem
is even worse in shale reservoirs from analyzing these simulation results. Such
problem has been reported in the gas flooding in the Viewfield Bakken
Field, Saskatchewan (Schmidt and Sekar, 2014), in the huff-n-puff CO2

injection in the Parshall Field (Sorensen and Hamling, 2016), and the water-
flooding in the Bakken formation in Montana (Hoffman and Evans, 2016).

Figure 11.11 Oil cut for water injection only, surfactant injection only, alkali injection
only, and the sequential injection for shale rock.
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In the above discussions, the simulation time is limited to 9 days consis-
tent with the experimental time done by Najafabadi et al. (2008). By 9 days,
the total pore volumes injected for the sand and shale cases are 3.25 and 7.44,
respectively. Such pore volumes injected are large for a field project,
although 9 days sounds very short. Therefore, subsequent simulation runs
are limited to 9 days, if not explicitly mentioned.

11.4 Relative permeability change versus capillary
pressure change

In the base simulation models (sand and shale), alkali injection changes
both relative permeability and capillary pressure. It will be interesting to see
which change is more effective. For this purpose, two models are built for
the sand rock. One is to assume only kr changes in which ukr ¼ 0.5 and
upc ¼ 0 in Eqs. (11.1) and (11.2), and the other is to assume only pc changes
in which ukr ¼ 0 and upc ¼ 0.5. The oil recovery factors are shown in
Table 11.4. The recovery factor (0.333) in the former is 71% higher than
that (0.195) in the latter. Another pair of two models is built for the shale
rock and the oil recovery factors are also shown in the table. When only
pc is changed, no oil can be produced. When only kr is changed, the recovery
factor is 0.043. Both the sand model and shale model show that the change
in kr is more effective. Such a result is consistent with that for spontaneous
imbibition (Sheng, 2013b).

Figure 11.12 Oil cut for water injection only, surfactant injection only, alkali injection
only, and the sequential injection for sand rock.

Forced imbibition 321



11.5 Effect of capillary pressure

The preceding section shows that capillary pressure change due to
wettability alteration is not as effective as the kr changes. Look at Fig. 11.2
again which shows that the maximum pressures are 0.3 psi and �0.43
psia. If Eq. (11.3) is used to estimate the maximum capillary pressure in
the shale rock, they are 58.5 and �83.9 psia, respectively. One may argue
that the capillary pressures used are too low to be effective. When the
maximum capillary pressure is raised up to 100 times, the oil recovery factors
are still insensitive to the value of capillary pressure, for both the sand model
and the shale model! This clearly demonstrates that the flow is dominated by
the viscous flow in the fracture. As it will be clear later in this chapter, the
pressure gradient required for flow in the fracture is too small so that fluid
may bypass the matrix.

In these models, the running time is 9 days. Probably it is too short to see
the capillary effect. To check this hypothesis, the simulation time is extended
to 90 days. Some of results by the end of 90 days are presented in Table 11.5.
It is surprising to see that the oil recovery factor (0.404) for the sand model is

Table 11.4 Effect of permeability change versus effect of capillary pressure change
by alkali injection (initially mixed-wet).

Sand Shale

kr changed only:
ukr ¼ 0.5 and upc ¼ 0

0.333 0.043

pc changed only: ukr ¼ 0
and upc ¼ 0.5

0.195 0.000

Table 11.5 Effect of capillary pressure in initially mixed-wet cores for 90 days.

Sand Recovery factor
Alkali concentration at
block (6 3 2), %

Max. pc ¼ 0.3 and
�0.43 psia

0.404 0.496

Max. pc ¼ 30 and �43
psia

0.326 0.429

Shale Recovery factor
Alkali concentration at
block (6 3 2), %

Max. pc ¼ 58.5 and
�83.9 psia

0.100 0.189

Max. pc ¼ 5850 and
�8390 psia

0.228 0.361
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higher at the lower capillary pressure than that (0.326) at the higher capillary
pressure. But the oil recovery factors for the shale model do not show such
result. This result demonstrates that the capillary drive in tight formation is
more important.

To explain that result for the sand model, the alkaline concentration
maps for the high and low capillary pressures in Figs. 11.13 and 11.14 at
90 days are compared. The alkaline concentrations in the high-pc case are
overall lower than those in the low-pc case. For example, the concentrations
at the model middle block (6 3 2) are 0.496% and 0.429% presented in
Table 11.5, respectively, for the low-pc and high-pc. In these models, the
initial wettability is mixed-wet, and the final altered wettability is not
completely water-wet. Referring to Fig. 11.2, the capillary pressure is
positive (drive force) in the beginning when the alkaline solution saturation
is low; however, the capillary pressure becomes negative (resistance) when
the saturation is high. Although the initial drive force is high, the later
resistance is high as well for the high-pc case. As a result, the high-pc may
not be an advantage.

For the shale models, the alkaline concentration maps at 90 days are
shown in Figs. 11.15 and 11.16. The alkaline concentrations in the high-
pc case are higher than those in the low-pc case. For the shale model
compared with the sand model, there are two advantages for the high-pc
case. One is the fluid imbibition distance is lower, so the capillary pressure

Figure 11.13 Alkaline concentration map in the middle layer at 90 days in the low-pc
sand model.
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gradient is higher. The other one is that capillary pressure is higher. The
resultant higher capillary gradient drives more alkaline solution into
the matrix.

Note that 90 days of injection is modeled in such small cores. Upscaling
such small models to a field model will result in unrealistically long injection
time. For such a long time, capillary pressure has the mechanism in

Figure 11.14 Alkaline concentration map in the middle layer at 90 days in the high-pc
sand model.

Figure 11.15 Alkaline concentration map in the middle layer at 90 days in the low-pc
shale model.
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spontaneous imbibition. Such result may not be applicable to the forced
imbibition (flooding) in a field scale. Therefore, we further investigate the
effect of capillary pressure in small models for 9 days of injection.

Let us further check the sensitivity of capillary pressure when the initial
wettability is oil-wet. The detailed parameters and results are presented in
Table 11.6. In these models, the function to change relative permeabilities
is removed. As the capillary pressures (both initial and altered) are increased
by the same factors of 10 and 100, the oil recovery factor decreases from
0.067 to 0.025 and 0.001, respectively. The oil recovery is sensitive to the
value of capillary pressure. For the shale model, because of the high resis-
tance from the initially oil-wet cores, the alkaline solution cannot enter
the matrix and the resulting oil recovery factors are null, regardless of the
values of capillary pressure.

Figure 11.16 Alkaline concentration map in the middle layer at 90 days in the high-pc
shale model.

Table 11.6 Effect of capillary pressure in initially oil-wet cores for 9 days.
Capillary pressure endpoint, psia (Darcy)1/2 Recovery factor

Initially Altered Sand Shale

�0.1452 0.1033 0.067 0.0
L1.452 1.033 0.025 0.0
�14.52 10.33 0.001 0.0
L1.452 0.1033 0.0246 0.0
L1.452 10.33 0.0246 0.0
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From the sand models, when the initially wettability is changed
from mixed-wet to oil wet, the oil recovery factor is changed from 0.195
(in Table 11.4) to 0.067 (in Table 11.6). This indicates that initial wettability
is very important, which is consistent with Bourbiaux and Kalaydjian (1990)
experimental data for spontaneous imbibition.

These models assume the magnitudes of maximum positive and negative
pc are increased at the same proportion. Now keep the initial oil-wet capil-
lary pressure unchanged and the capillary pressure endpoint parameter
is �1.452 psia (Darcy)0.5. After wettability alteration, the parameter is
changed to 0.1033, 1.033, and 10.33 psia (Darcy)0.5 (the cases presented
in bold in Table 11.6). For the sand models, the changes in oil recovery
factors are not noticeable (close to 0.025). For the shale models, the oil
recovery factors remain zero. These results confirm the conclusion that
the oil recovery is insensitive to the absolute value of altered capillary pressure,
if the rock is initially oil-wet. This is because when the rock is oil-wet, it is
very slow for a chemical to diffuse into the rock to alter its wettability,
then the subsequent high capillary pressure of water-wet nature cannot
play its role. The pc value is proportional to IFT. If the pc value is not impor-
tant, then the IFT is not important during wettability alteration from
oil-wetness.

11.6 Effect of pressure gradient (injection rate)

The oil recovery factors during alkaline injection into the sand models
and shale models at different injection rates (pressure gradients) are presented
in Table 11.7. The pressure gradient is calculated using the injection well
block (I ¼ 1) pressure minus the production well block (I ¼ 11) pressure
divided by the distance between these blocks in the middle layer (K ¼ 2).
In the models, because the injector and the producer are directly connected

Table 11.7 Effect of pressure gradient in alkali injection.
Sand Shale

Injection rate, ft3/day (dp/dl)f, psi/ft RF, fraction (dp/dl)f, psi/ft RF, fraction

0.00011 0.117700 0.262 0.074297465 0.0145
0.00033 0.266507 0.328 0.214008893 0.0300
0.001 0.657965 0.424 0.624348985 0.0368
0.0033 1.857369 0.521 2.004676737 0.0406
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through a fracture, the pressure gradient between the wells are the pressure
gradient in the fracture (dp/dl)f. Since the pressure gradient varies with time,
the values presented in Table 11.7 and the subsequent tables are the average
pressure gradient during the injection. It is shown that as the injection rate or
pressure gradient (dp/dl)f is increased, the oil recovery factor is higher, both
from sand and shale models. The higher pressure gradient provides a higher
force to drive the injected alkaline solution into matrix, resulting in higher
oil recovery. Such result has been presented for surfactant injection in
laboratory by Parra et al. (2016).

Now we look at the surfactant injection. The oil recovery factors from
the sand models and shale models at different injection rates (pressure gradi-
ents) are presented in Table 11.8. From the sand models, it is clear that as the
injection rate or pressure gradient is increased, the oil recovery factor
increases. If the first (very low rate) and last (very high rate) pair of data
are removed, oil recovery factor versus pressure gradient is shown in
Fig. 11.17. An approximately linear relationship can be observed. For the
shale models, the oil recovery factors are very low with the maximum
0.0261. When the rates are low, as the pressure gradient is increased, the
oil recovery factor increases. However, in the higher rate range, as
the pressure gradient is increased, the oil recovery factor even decreases.
The relationship between oil recovery factor and pressure gradient is not
clear. This may be caused by numerical errors in simulation because of
too low oil recovery factors. These results also show that even if a high pres-
sure gradient is imposed, the ultralow IFT surfactant solution cannot enter
the ultralow permeability matrix. It indicates that a surfactant solution of ul-
tralow IFT with oil will not be beneficial to oil recovery, if there is the

Table 11.8 Effect of pressure gradient in surfactant injection.
Sand Shale

Injection rate, ft3/day (dp/dl)f, psi/ft RF, fraction (dp/dl)f, psi/ft RF, fraction

0.0000033 0.012295868 0.040 0.001733818 0.0000
0.00000165 0.044261351 0.126 0.012411145 0.0055
0.000033 0.061503113 0.166 0.02336886 0.0261
0.00011 0.115751967 0.198 0.049332963 0.0201
0.00033 0.260944796 0.267 0.132130724 0.0132
0.001 0.693085916 0.619 0.389119313 0.0107
0.0033 1.427742839 0.971 1.271664234 0.0096
0.033 8.71952236 1.000 12.67878541 0.0097
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existence of high-permeability fractures between the injector and the
producer.

For comparison, the oil recovery factor versus pressure gradient for
alkaline flooding from shale and sand models is plotted in Fig. 11.18. The
relationship shows less linearity, indicating that the relationship is more
complex than that in surfactant flooding. In addition to the pressure gradient
effect, wettability alteration plays an important role.

In the above shale models, the fracture permeability is 2000 mD. This
results in such high permeability ratio between the fracture and matrix
that the injected fluid channels through the fracture, and surfactants or
any chemicals added in the injected fluid may not function. To check this

Figure 11.17 Oil recovery factor versus pressure gradient from surfactant flooding
sand models.

Figure 11.18 Oil recovery factor versus pressure gradient for alkali flooding from shale
and sand models.
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effect, the fracture permeability is reduced in shale models with surfactant
and alkaline flooding. Table 11.9 shows that as the fracture permeability is
reduced to 2 mD, the pressure gradient is increased to 134.281 psi/ft in
surfactant flooding. Such pressure gradient is too high in actual flooding
cases in reservoirs. Even so, the oil recovery factors by 9 days of flooding
are increased from 0.0132 to 0.0178 only, with the absolute recovery being
practically insignificant. A similar observation can be made for the alkaline
flooding from this table. Parra et al. (2016) proposed to increase microemul-
sion viscosity to increase the transverse pressure gradient from fracture to
matrix for improved oil recovery in fractured reservoirs. This idea is tested
in the shale models here. In the base case, the injected water viscosity is
1 cP. The viscosity is increased to 10 and 100 cP so that the pressure gradient
is increased to 1.274 and 12.681, respectively. However, the absolute oil
recovery factors shown in Table 11.9 are practically insignificant.

Parra et al. (2016) experimentally demonstrated that when the microe-
mulsion viscosity was increased, the resulting higher pressure gradient
improved oil recovery. In their experiments, the matrix permeability was
100e320 mD. Now we use our simulation models to verify their observa-
tion. By doing so, we can also verify whether our simulation models can
predict actual performance in chemical flooding. The base shale model is
used to change the matrix permeability to 100 mD, and increase the water
viscosity from 1 cP in the base model to 10 cP. The results are presented in
Table 11.10. When the water viscosity is increased from 1 to 10 cP, the
resulting pressure gradient is increased from 0.145 to 0.675 psi/ft, and the
oil recovery factor is increased from 0.766 to 0.999. The incremental oil

Table 11.9 Effect of pressure gradient by changing fracture permeability and
injected water viscosity.

Surfactant Alkali

Fracture permeability, mD
(dp/dl)f,
psi/ft RF, fraction

(dp/dl)f,
psi/ft RF, fraction

2000 0.132 0.0132 0.214 0.0300
20 13.209 0.0135 21.683 0.0263
2 134.281 0.0178 215.826 0.0284

Injected water viscosity, cP dp/dl, psi/ft RF, fraction

1 0.132 0.0132
10 1.274 0.0143
100 12.681 0.0105
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recovery factor is significant. This verifies Parra et al.’s experimental obser-
vation and our simulation models as well. To check whether oil recovery
factor in tight oil reservoirs could be increased by increasing pressure
gradient, two additional models are run. In these models, the matrix perme-
ability is 0.1 mD, and the water viscosity is increased from 1 to 10 cP. The
results are presented in Table 11.10 as well. Although the pressure gradient is
increased from 0.146 to 1.284 psi/ft when the water viscosity is increased
from 1 to 10 cP, the oil recovery factor is almost unchanged.

For comparison, the microemulsion phase pressure gradient (dp/dl)fm
from the fracture block (6 4 2) to the matrix block (6 3 2) at the middle
of injection process (4.4 days) for each case is also presented in Table 11.10.
These data show that for the base shale model with the matrix permeability
of 0.0003 mD, the pressure gradient from the fracture block to the matrix
block is �1.920 psi/ft (negative!), indicating that the microemulsion phase
in the fracture cannot enter the matrix. When the matrix permeability is
100 mD, the pressure gradient from the fracture block to the matrix block
is zero for the injected water viscosity of 1 cP, and �0.048 psi/ft (close to
zero) for the injected water viscosity of 10 cP. Compared with the pressure
gradient for the 0.0003 mD case, these pressure gradients (absolute value) are
much smaller. For the tight model with the matrix permeability of 0.1 mD
and the injected water viscosity of 1 cP, the (dp/dl)fm is�0.384 psi/ft, while
the pressure gradient in the fracture (dp/dl)f isþ0.146 psi/ft. The fluid in the
fracture block cannot enter the matrix block. For the tight model with the
injected water viscosity of 10 cP, although the (dp/dl)fm is equal to �0.048
psi/ft (close to zero), the (dp/dl)f is þ1.284 psi/ft (very high). Thus the
injected surfactant solution channels through the fracture.

From the above discussion, we can see that increasing pressure gradient
in a chemical flooding may not be effective in fractured shale or tight
reservoirs.

Table 11.10 Effect of pressure gradient by changing matrix permeability and
injected water viscosity in surfactant only flooding.

Matrix permeability, mD
Injected water
viscosity, cP

(dp/dl)f,
psi/ft

(dp/dl)fm,
psi/ft RF, fraction

0.0003 1 0.132 �1.920 0.0132
100 1 0.145 0.000 0.766
100 10 0.675 �0.048 0.999
0.1 1 0.146 �0.384 0.060
0.1 10 1.284 �0.048 0.056
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11.7 Experimental study of forced imbibition

Tu and Sheng (2019) did some experiments of forced imbibition. The
experimental setup was a modified Amott cell, a high-pressure accumulator,
and a Quizix pump (Fig. 11.19). A traditional Amott cell is commonly used
for the experiments on spontaneous imbibition. However, the Amott cell
cannot stand pressure, probably higher than 5 psig. During surfactant injec-
tion in a real reservoir, the injection pressure will be higher than the pressure
inside matrix. In other words, the imbibition is forced imbibition during a
huff or soaking period. To reflect this reality, the Amott cell was modified
as shown in Fig. 11.19. The bottom cap with a communication port
balances the pressures inside and outside the cell. By submerging the whole
Amott cell into the upper portion of the accumulator filled with designated
fluid, any target pressures can be simply achieved by injecting water through
the Quizix pump into the bottom portion of the accumulator. The balanced
pressure in the top space of the accumulator can be recorded from the
pressure gauge. The advantage of such apparatus is that the pressurized imbi-
bition occurs inside the cell and any oil coming out the core can be viewed
at the cell neck with graduated scales.

A total of eight cycles of pressurized huff (including soaking) and puff
tests were performed for each core sample listed in Table 11.11. Each test

Figure 11.19 Modified high-pressure Amott apparatus.
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Table 11.11 Experimental conditions for pressurized soaking and depletion tests.
Core No. Testing solution Soaking time, hour Injection pressure, psi Depletion time, hour Production pressure, psi

EF-1 Brine (5% KCl),
IFT ¼ 18 mN/m

12 3000 12 14.7

EF-2 High IFT surfactant
(3 mN/m)

EF-3 Intermediate IFT
surfactant (0.4 mN/
m)

EF-4 Low IFT surfactant
(0.02 mN/m)
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had 12-hour huff (soaking) and 12-hour puff periods. The soaking pressure
was controlled to 3000 psi and the cell was depleted to atmospheric pressure.
The cores were initially oil-wet (contact angles about 150�) altered by
surfactants to 35e40�. Note that during the huff and soaking period,
because the pressure could be quickly increased, a huff and soaking period
was actually a soaking period.

The oil recovery factors of huff-n-puff for different surfactant solutions
and brine are shown in Fig. 11.20. The oil recovery factor was higher
when the IFT was higher, the same trend as the spontaneous imbibition.
Note that the last two points of high oil recovery factor for the intermediate
IFT were caused by fractures created in the core. It implies that the sponta-
neous imbibition during huff and soaking period is very important. This
observation becomes more obvious when the simulation data of pressure
and recovery factor are presented in the same plot in which the continuous
pressure and oil recovery data are presented. For example, the pressure and
oil recovery data for the high-IFT case is presented in Fig. 11.21. Look at a
single cycle, the high-pressure step (3000 psig) indicates the huff and soaking
period, and the low-pressure step (0 psig) indicates the depletion period.
From a close look at the oil recovery data during a single cycle, we can
see that the oil coming out of the core during the huff and soaking period
is higher than that during the puff (depletion) period. It becomes clear

Figure 11.20 Oil recovery factors of huff-n-puff for different solutions with different
IFTs and wettability alteration.
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when the oil during the huff and soaking periods is added together
compared to the oil added during the puff periods, as shown in Fig. 11.22
(experimental data). In this figure, the huff and soaking time varied, but
the depletion (puff) time was the same (12 h), total eight cycles. Interest-
ingly, the oil recovery during the 3 h of huff and soaking was even higher
than that during the 12 h of depletion for eight cycles. During the depletion,
the pressure was low at practically atmospheric pressure because the pressure
was immediately depleted, and the imbibition is actually spontaneous imbi-
bition. These data suggest that the pressurized imbibition is important; in
other words, the pressure helps imbibition.

For the above one brine, one low-IFT and one high-IFT surfactant
solutions, spontaneous imbibition, forced imbibition, and cyclic injection

Figure 11.21 Oil recovery factor and pressure during huff-n-puff for the high-IFT
solution.

Figure 11.22 Oil recovery factors for different huff and soaking times compared to that
during 12 h of depletion (high-IFT cases).
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(huff and soaking and puff injection) were conducted. Fig. 11.23 shows the
tests using brine. For the spontaneous and forced imbibition, basically no oil
came out of the core because the core was oil-wet. The cyclic injection
brought some oil out by depletion. For the low three IFT surfactant
solutions, Figs. 11.24 and 11.25 show the oil recovery from forced

Figure 11.23 Spontaneous imbibition, forced imbibition and cyclic injection for brine.

Figure 11.24 Spontaneous imbibition, forced imbibition and cyclic injection for the
low-IFT surfactant solution.
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imbibition was higher than that from the spontaneous imbibition; the oil
recovery from cyclic injection was highest because extra oil was obtained
by depleting the core pressure. Those results also show that the forced imbi-
bition had higher oil recovery for the high-IFT solution than that for the
low-IFT solution.

11.8 Field tests of surfactant EOR

Surfactants are often added in the fracturing fluid for different reasons,
but not necessarily for enhancing oil recovery. There have been few field
tests where surfactants were added for the direct EOR purpose.

It is well known that surfactants can change wettability and enhance
water imbibition. For conventional oil-wet fractured carbonate reservoirs,
many laboratory studies have been conducted using surfactants to stimulate
spontaneous imbibition, for example, Chen et al. (2001), Olson et al. (1990),
and Hirasaki and Zhang (2004). Some surfactant stimulation tests (injection,
soak and flush back) have been tried in the Yates field in Texas (Yang and
Wadleigh, 2000), the Mauddud carbonate in Bahrain (Zubari and Sivaku-
mar, 2003), in the Cottonwood Creek field, Wyoming (Xie et al., 2005;
Weiss et al., 2006), and in the Baturaja formation in the Semoga field in
Indonesia (Rilian et al., 2010). Field results in general showed positive
responses to surfactant stimulation (Sheng, 2013a).

Figure 11.25 Spontaneous imbibition, forced imbibition and cyclic injection for the
high-IFT surfactant solution.
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The literature on shale oil rocks indicates that they are most likely oil-
wet (Phillips et al., 2009; Wang et al., 2011). This oil-wet condition makes
it difficult for the aqueous phase to penetrate the matrix and displace the oil
out. Surfactants can alter the rock wettability from oil-wet to water-wet or
mixed wet (Sheng, 2012). Therefore, most of surfactant-related EOR
studies for shale oil reservoirs focus on wettability alternation and water
imbibition (e.g., Shuler et al., 2011; Wang et al., 2011; Ferno et al., 2012;
Xu and Fu, 2012; Morsy and Sheng, 2014b). Those studies used very thin
slices or small cores because the spontaneous imbibition process is very
slow (Sheng, 2013b). In practice, if the matrix is too large, the recovery
rate by spontaneous imbibition will be uneconomically slow, because the
imbibition rate is inversely proportional to a characteristic length, either
linearly, or squared (Mattax and Kyte, 1962; Cuiec et al., 1994; Kazemi
et al., 1992; Li and Horne, 2006; Ma et al., 1997; Babadagli, 2001). To solve
this problem, we need to implement forced imbibition to speed up the
imbibition process, like in the fracturing process. Apparently, refracturing
shale reservoirs improves recovery (Vincent, 2011). Huff-n-puff surfactant
injection may contribute to the process of refracturing and thus enhance
oil recovery. Interestingly, huff-n-puff is expected to work better than sur-
factant flooding in shale reservoirs. However, we did not see a huff-n-puff
field case report. Instead, a surfactant flooding in a Bakken formation was
studied.

A detailed characterization program consisting of logging, coring, pres-
sure testing, and fluid tracing was carried out to build a reservoir model to
evaluate the EOR potential of surfactant flooding in a Middle Bakken for-
mation. The reservoir model is also based on calibrated parameters from
history-matching experiments like surfactant adsorption parameters. The
permeability in the modeled area is 100 nD to 10 mD. The model consists
of a pair of horizontal wells with half-fractures from each well overlapping
60% but not connected. Only half of a fracture from each well is included in
the model. The base half-fracture length is 1200 ft, and fracture height is
300 ft. The model predicts that the produced oil in 12.5 years is more
than what can be produced from 12.5 years of primary production. A series
of economic sensitivity studies shows that the surfactant injection could have
not only EOR potential, but also economic potential. However,
detailed data in the model were not reported in the paper by Dawson
et al. (2015).
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CHAPTER TWELVE

Fracturing fluid flow back

Abstract

In this chapter, the flow back and production performance from common shale
reservoirs and experimental results are summarized. Mechanisms of low flow back
are proposed. The effects of shut-in, initial rock wettability, invasion depth and surfac-
tant additives on flow back are discussed. Finally, some solutions to deal with flow back
are summarized.

Keywords: Delay; Flow back; Invasion; Invasion depth; Permeability recovery; Shut in;
Surfactant additives; Water blockage.

12.1 Introduction

After hydraulic fracturing, a well can be put in production immedi-
ately or after some time. Several terms have been used anonymously to
describe the time to defer well production: soak, shut-in, resting, and delay.
Strictly speaking, shut-in or resting means a time lapse between two flowing
periods, while the delay means the time before the first flowing period. We
try to explicitly use the different terms of “shut in” and “delay.” The shut-in
is sometimes called the first shut-in which is from the end of fracturing stim-
ulation to the start of the first fluid flow back. The shut-in after the first flow
back is the second shut-in or subsequent shut-in, which is an intentional or
unintentional event in operation.

Generally, fracturing treatments are designed with good fluid stability
during the pump time. It is desired to break the fluid as quickly and
completely as possible to facilitate rapid cleanup of the well and minimize
conductivity damage. It is commonly believed that if the shut-in in the
reservoir is too long, fracture conductivity damage may increase. For a
multistage fracturing job, it is desirable to flow the treatment fluid back after
each stage to recover the fluid, because the shut-in time for the preceding
stages will be too long, if the flow back is executed after the fracturing
work at the last stage is completed. Then a problem is that offshore and
geographically remote well operations often require the use of the drilling
rig for completion operations. The time consumed on the completion phase
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of a fractured well can therefore be very expensive. Significant cost savings
can be realized after the flow back of fracturing fluid after the last stage is
fractured so that the rig is moved quickly. We also need to know whether
a long shut-in time is not harmful to the subsequent hydrocarbon produc-
tion. Therefore, study of shut-in time effect is very important.

There does not appear to be significant impairment of stimulation effec-
tiveness, if delays of up to 2 h occur prior to the start of flow back. There is
conclusive evidence that whenever any shut-in occurs during flow back,
especially prior to gas breakthrough, damage occurs. Delay in starting
flow back is less damaging than shut-ins during flow back. The well should
not be shut-in prior to hydrocarbon breakthrough, and even afterward.
Delayering breakthrough of hydrocarbon production by maintaining lower
flow back rates, not by shutting-in, appears to result in better effective
stimulation (Crafton, 1998).

In low-permeability formations, a large amount of proppant is pumped
at lower proppant concentrations, requiring an excessive volume of
fracturing fluid to transport the proppant. This extends the closure time,
allowing proppant to transport away from the wellbore into the fracture
after the end of treatment. In such a situation, an early flow back procedure
to force proppant bridging at the wellbore in a reverse screen-out mode is
essential to restore the proppant pack conductivity near the wellbore (Barree
and Mukherjee, 1995). This process can be immensely accelerated by
increasing proppant concentration toward the end of the treatment as
suggested by Ely et al. (1990), Coulter and Wells (1972), and Cleary et al.
(1994). Or small pad volume is used (Cleary et al., 1994).

One of the controversial issues in hydraulic fracturing is the flow back of
fracturing fluids. It is intuitive that higher percentage of fracturing fluid flow
back should lead to higher hydrocarbon recovery, because the remaining
fracturing fluid may block the paths for hydrocarbon to flow to the well
during production. However, that has not been always the case. In the
case of low-permeability reservoirs, wells with good permeability and
flow capacity may often start recovering significant hydrocarbon after very
little production of the fracturing fluid (Malone and Ely, 2007).

In this chapter, the flow back and production performance from common
shale reservoirs and experimental results are summarized. Mechanisms of low
flow back are proposed. The effects of shut-in, initial rock wettability, inva-
sion depth, and surfactant additives on flow back are discussed. Finally, some
solutions to deal with flow back are summarized.
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12.2 Field observations and experimental results on
flow back

The literature information about fracture fluid flow back and produc-
tion performance related to the flow back are summarized in this section.

12.2.1 Low flow back
The most commonly used fracturing fluid in the shale reservoir stimulation
is slick water due to the characteristics of low cost, easily creating complex
fracture networks and little reservoir damage (Waltman et al., 2005; Palisch
et al., 2010; Cuss et al., 2015). Thousands of barrels of fracturing fluid are
injected into the formation during hydraulic fracturing operation. However,
field data indicate that only a small fraction of the injected fluid is recovered
during the clean-up phase. Most of gas well is less than 50% of the total in-
jection volume (King, 2012; Vengosh et al., 2014; Singh, 2016). Some are
even less than 5% (Nicot and Scanlon, 2012). On average, only 6%e10% of
the injected water is recovered in the United States across all shale plays
(Vandecasteele et al., 2015; Mantell, 2013).

12.2.2 Flow back versus hydrocarbon production
There are no consistent observations or results regarding the effect of flow
back on gas or oil production. In some cases, gas production is good
when more water flows back. In other cases, gas production is good with
a small fraction of water flowing back. Yan et al. (2015) used tight rocks
(2e18 mD), and Chakraborty and Karpyn (2015) used shale cores
(10e200 nD) to experimentally prove that it was detrimental for water to
be further imbibed into shale matrix by capillary redistribution due to the
permeability impairment by clay swelling. Ibrahim and Nasr-El-Din
(2018) conducted similar experiments in tight sandstones (0.23 mD) and
in Marcellus shales (3 nD) showing similar results.

Ghabnari et al. (2013) compared the flow back efficiency with cumulative
gas production after 72 h of flow back for the wells drilled in Muskwa, Otter
Park, and Evie, as shown in Fig. 12.1. The cumulative water production after
72 h was considered because the majority of fluid flowed back during the first
72 h (Asadi et al., 2008). Overall, there was no clear relationship between the
gas production and water flow back. But Ghabnari et al. (2013) grouped the
wells into two groups. One group is low water flow back efficiency and high
gas production, and the other group is high water flow back efficiency and
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low gas production. They proposed two different fracture systems for the two
groups of wells, as shown in Fig. 12.2A for the former group, and Fig. 12.2B
for the latter group. In the complex fracture system, at the end of fracturing
stimulation, the large primary fractures are filled with proppant and water, but
the small but complex secondary fractures are just filled with water. During
the shut-in, water imbibes into the complex fracture system, and gas flows
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Figure 12.1 Comparison of flow back efficiency with cumulative gas production after
72 h of flow back for three shale gas wells (Ghabnari et al., 2013).

Figure 12.2 Schematic illustration of proposed complex fracture system (A) and simple
fracture system (B) (Ghabnari et al., 2013).
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into the large fractures by countercurrent flow. During the flow back, the
water will be trapped as the small fractures are closed, resulting in low water
and high gas production. In the simple fracture system, there are less contact
surfaces by water. Thus, less countercurrent flow between water and gas.
During the flow back, water can more quickly flow out, the small fractures
are closed, resulting in higher water rate, more gas trapped in the matrix
and low gas production.

Tangirala and Sheng (2019a) investigated the flow back and oil produc-
tion in hydraulically fractured water-wet formations using the Lab-on-
a-Chip method. A borosilicate glass chip was etched by the process of
chemical vapor deposition to form a uniform channel porous medium
network (20 � 10 mm footprint). The size of the chip was 45 � 15 mm.
The chip was manufactured by Micronit Microtechnologies B.V.,
Netherlands. The width and height of each channel were 50 and 20 mm,
respectively. The porosity of the channel network was 0.6 with two end
nodes, End A and End B (Fig. 12.3). A wide pore channel connected to
the inlet distributed the injected fluid evenly to the pore network. This
portion of the chip represented a fracture.

The chip was housed in a fluidic connect PRO chip holder which was
fixed over the mechanical stage of a fluorescence-imaging inverted micro-
scope (Olympus CKX-53). As shown in Fig. 12.4, fluids were pumped
by an air compressor whose pressure was controlled by the pressure regu-
lator, a pressure-based flow controller, MFCS-EZ, purchased from Fluigent
Inc. The flow rate was measured using the Flow Rate Platform (FRP) also
acquired from Fluigent Inc. and having a measurable range of 0e7 mL/min.
Before passing through the chip, the fluids were filtered through a 2 mm
inline polyether ether ketone (PEEK) filter provided by IDEX corporation.

Figure 12.3 A microchip with uniform porous network.
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A mineral oil, Soltrol-130, had the viscosity of 2.37 cP. The IFT between
the oil and water was 32.92 � 0.27 mN/m. Two nonionic surfactants, CELB
217-123-8 (Surf-A) and CELB 217-123-2 (Surf-B), supplied by ChemEOR
Inc., were diluted to 0.05 and 0.2 wt.%, respectively. The IFTs of Surf-A and
Surf-B with oil are 1.64 � 0.15 mN/m and 3.35 � 0.34 mN/m, respec-
tively. Those aqueous solutions did not change the initial water-wetness of
the network channels. The fluorescein dye purchased from Sigma-Aldrich
was soluble only in an aqueous phase and is used to distinguish an aqueous
phase from an oil phase. The invasion process and the flow back process
are marked by arrows in the figure.

Initially, the microchip representing a porous mediumwas saturated with
oil. During the invasion process (marked by solid arrows), water or a surfac-
tant solution was injected through the valve at End A at a constant pressure
of 80 mbar, with the valve at End B open. Both End A and End B had valves
with two flow directions. After a designed pore volume (PV) of an aqueous
solution was injected, the valves at End A and End B were closed. A satu-
ration image picture was taken. Subsequently, the valve at End A was closed
for flow, and the valve at End B for flowwas open. Oil was pumped through
End B. This process represented a flow back process. After about 10 PVs of
oil injection, the flow rate stabilized. During this process, some aqueous so-
lution remained in the network creating some water blocking or formation
damage. At the constant pressure difference of 80 mbar, the changes of flow
rate might represent the mitigation of formation damage. When the flow
rate was stabilized, this flow rate was equal to the oil flow rate through
End B. At the end of the process, the values were closed, and an image

Figure 12.4 Experimental flow chart.
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picture was taken. At the end of a cycle of injection and flow back, the chip
was flushed by deionized water, followed by isopropanol and air drying was
applied to clear the flow passage of any residual fluids. Then this chip was
reused for more experiments (different injection volumes or different
injected solutions). For experimental details and how to treat image pictures,
see Tangirala and Sheng (2019a).

Fig. 12.5 shows the oil rate during flow back when deionized water,
aqueous solutions Surf-A and Surf-B were injected and flowed back. The
flow back efficiency was calculated by the water saturation at the end of
invasion minus the residual water saturation at the end of flow back divided
by the water saturation at the end of invasion. The oil flow rate was the sta-
bilized oil flow back rate through End B, and oil was injected through End A
at a constant injection pressure. It seems that for the deionized water, the oil
rate decreased with the flow back efficiency; for the Surf-A, the three oil
rates decreased with the flow back efficiency, but the last oil rate did not
continue the trend; Surf-B did not have any trend. In other words, the
experimental data did not show that a high flow back led to a high oil pro-
duction rate. The shortcoming of these experiments is that the constant
pressure injection rate was maintained, and the final flow stabilized oil
rate was used; in reality, the constant pressure away from fractures may
not be maintained and the oil rate is declining.

12.3 Proposed mechanisms of low flow back

Numerous mechanisms could contribute to low-recovery, including
extra-trapped water due to changing in natural fracture widths that increase

Figure 12.5 Oil rate versus flow back efficiency for different fracturing fluids.

Fracturing fluid flow back 345



during injection and decrease during production, and water imbibition into
shale matrix by capillary pressure. Generally, formation brine in a shale basin
could be high (e.g.,150,000 ppm). And a typical fracturing fluid comprises
low-salinity water; in many cases it is in the range of 1000 ppm. The signif-
icant salinity contrast can lead to substantial chemical potential differences
that can create a large osmotic pressure and drive the filtrate from natural
fractures into shale matrix blocks. Current research work shows that the
following mechanisms are responsible for the phenomenon of low flow
back.

12.3.1 Subirreducible initial water saturation
Some gas reservoirs and many strongly oil-wet reservoirs exhibit abnormally
low initial water saturations which is lower than irreducible saturation. This
abnormally low initial water saturation is called subirreducible initial water
saturation. The corresponding formation is called a dehydrated or desiccated
formation. The initial water saturation in some gas reservoirs in Michigan
Reef is even close to zero (Katz ad Lundy, 1982). If an oil or gas reservoir
was initially 100% saturated with water, then later oil or gas influx could
not reduce the water saturation below an irreducible water saturation
because water could not move before reaching that low level. In such
situations, later fracturing water remains in the formation and cannot flow
back if the water saturation is below the irreducible water saturation. Several
hypotheses have been proposed to explain the subirreducible water
saturation.

12.3.1.1 Vaporization (gas reservoirs)
We know that as the temperature is increased, more water will be vaporized,
as shown in Fig. 12.6. If the initial pressure and temperature of a gas reservoir
were low, and later they increased due to tectonic and/or geothermal activ-
ities, then more water will be vaporized. When gas migrated, the vaporized
water would be carried away. Thus the water saturation would be lower
than the irreducible water saturation, if the initial water saturation was at
the irreducible level.

12.3.1.2 Geological compression and diagenesis
Owing to geological deposition, the increased overburden made the reser-
voir more compressed, resulting in the initial saturation lower than the orig-
inally irreducible water saturation. And reservoir diagenesis processes could
contribute to the formation of clays of high surface area and other authigenic
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materials who could contain water much higher than the originally irreduc-
ible water saturation. In these situations, if no additional water flowed into
the reservoir, the water saturation in the reservoir would remain at a subir-
reducible water saturation.

12.3.1.3 Hydration
Many clays and reservoir minerals (e.g., anhydride) may react with water to
form hydrated complexes. Such process would remove some water from the
pore space.

12.3.2 Capillary imbibition
During drilling, fracturing, and completion, the fluid in the wellbore is lost
into the formation, as the wellbore pressure is higher than that in the forma-
tion. Generally, the wellbore fluid is aqueous phase, and the formation al-
ways has some degree of water-wetness. The aqueous phase will penetrate
into the formation away from the wellbore. During the flow back, the
pressure drawdown may be lower than the capillary pressure, especially in
the cases of shale and tight formations. Then some of the aqueous solutions
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Figure 12.6 Water vapor pressure versus temperature.
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cannot flow back. This capillary imbibition mechanism is supported by
many authors (e.g., Settari et al., 2002; Cheng, 2012; Dehghanpour et al.,
2012; Pagels et al., 2012; Dehghanpour et al., 2013). In Liang et al.’s
(2017a) flow back experiment, pentane was injected from the other end
of the core to try to displace injected water out. A typical set of experimental
data are shown in Fig. 12.7. When the constant flow rate was low, the over-
all water saturation did not decrease, but the pressure difference between the
two ends of the core decreased, indicating that water imbibed into the core
from the inlet side by capillary pressure so that the water blocking was miti-
gated. In the flow system, deionized water and pentane were used. The
late-time plateau of the pressure drop indicated that the further water redis-
tribution by capillary force did not improve the pentane permeability in the
matrix. In other words, the formation damage or water block could be per-
manent if flow rate is low or no remediating chemical is used.

When 20% methanol is added in the fracturing water, the interfacial ten-
sion (IFT) between water and pentane decreased from 50 to 23 mN/m.
Because of this IFT reduction, the capillary force was lower, resulting in

Figure 12.7 Changes of the overall water saturation inside the core (blue [black in print
version] discrete data points) and the pressure drop across the core (black curve) during
flow back (Liang et al., 2017a).
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lower imbibition rate deep into the core. In Fig. 12.8 the first plateau of
pressure drop for methanol solution lasted almost double that for water
only, which was almost the same as the ratio of the two interfacial tensions.
Liang et al.’s (2017a) CT data indicated that the duration of the first plateau
represented the period of water imbibition from the fracture face deep into
the core. Although the imbibition rate was slower, more water flowed back
by being displaced out by pentane injection, when methanol was added, as
shown in Fig. 12.9. This displacement of water by pentane required more
the higher pressure drop as shown in Fig. 12.8.

Bostrom et al. (2014) measured gas permeability onMarcellus and Duver-
nay cores at reservoir conditions before and after exposure to brines and frac-
turing fluids. They quantitatively measured the effect of water block formed
inside the rock and showed that the effect was time-dependent in most of the
samples tested. The core samples tested showed a dramatic decrease in perme-
ability after the exposure to water. Typically, the initial decrease was in the
order of 70%. Over the following days, most of the samples showed a subtle
and continued rebound in permeability, because the trapped water dissipated.
But the degree of rebound varied among the cores tested.

Figure 12.8 Comparison of the pressure drop across the core during flow back
between the methanol and water cases (Liang et al., 2017a).
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12.3.3 Fluid entrapment
During the drawdown, the pore pressure is decreased. Then the net confining
stress is increased, resulting in closure of some pores or fractures. Then fluid
can be entrapped in the formation (Bertoncello et al., 2014; Ezulike et al.,
2016). And incomplete water drainage can occur due to adverse mobility
ratio and gravity segregation (Parmar et al., 2013; 2014). In an oil-wet forma-
tion, water can be trapped by snap-off (Bertoncello et al., 2014).

12.3.4 Osmosis
In this section, osmosis in shale and its mechanism are introduced, and the
implication in shale formation is discussed.

12.3.4.1 Osmosis in shale
Osmosis is the spontaneous movement of solvent molecules (e.g., water)
through a semipermeable membrane from a region of lower solute concen-
tration into a region of higher solute concentration. It tends to make the
solute concentrations on the two sides equal. A semipermeable membrane
is permeable to the solvent, but not the solute. This process can be

Figure 12.9 Comparison of the overall water saturation during flow back inside the
core between the methanol and water cases (Liang et al., 2017a).
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schematically described in Fig. 12.10. In shale formation, clay minerals may
serve as a semipermeable membrane. The osmotic pressure (p) can be
described by Marine and Fritz (1981):

p ¼ RT
V

ln

�
aI
aII

�
(12.1)

where aI and aII are water activities of low-salinity brine I and high-salinity
brine II; the water activity for fresh water is 1.0;R is the gas constant equal to
0.082 (liter$atm)/(g-mol$�K); T is the temperature in �K, andV is the molar
volume in liter/g-mol.

12.3.4.2 Osmotic mechanism in shale
To understand the osmotic mechanism in shale, we need to introduce the
concept of electric double layer. The schematic of electric double layer
(EDL) is shown in Fig. 12.11. The length of EDL can typically vary between
few nanometers (Johnston and Tombacz, 2002) to tens of nanometers
(Tchistiakov, 2000). For dilute solutions, it has been shown (van Olphen,
1963) that the length of EDL can be about 100 nm with monovalent cations
and 50 nm with divalent cations. Therefore, it is likely that the thickness of
EDL will exceed the pore sizes in shales.

For a shale surface which is negatively charged, the electric potential at
the surface is negative. Its absolute value increases as the distance is away
from the solid surface. When the distance is at the liquid solution or beyond
the diffusion layer, the potential is zero. Within the diffusion layer, the net
charge is negative. Therefore, the diffusion layer will impose an electrical
repulsion on anions but an attraction on cations. Thus charged particles

Figure 12.10 Schematic of an osmosis process.
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cannot pass through the diffusion layer, in the case of shale with such pores
that the gap between the solid surfaces is bigger than the electric double
layer. Then the electric double layers will overlap each other. As a result,
charged particles cannot pass through the pores; but neutrally charged water
molecules can flow through the pore center.

The conditions under which osmotic pressures can be observed are rare.
A large difference in solute concentration or the existence of clay-rich strata
may not be sufficient to generate an osmotic pressure. There must be a very
low-permeability barrier between two strata which have very different so-
lute concentrations. Such barrier must be effective in large scale. If there
are transmissive fractures between the two strata or units, osmotic pressure
may not build up because the fractures behave like short-circuits for solvent
(water). Also, for a geologic stratum or unit to have osmotic pressure build
up, it must be hydraulically isolated, so that there is no leakage. In a real shale
formation, the pore sizes have a wide range. Thus the shale cannot serve as
an ideal semipermeable layer. Some solutes in the solvent can pass through,

Figure 12.11 Schematic of electric double layer.
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but the rest cannot. We use the membrane efficiency to describe the effec-
tiveness which is defined as the actual pressure increase across the membrane
divided by the theoretical osmotic pressure. The literature information
shows that the membrane efficiency is low (less than 5% according to Neuzil
and Provost’s (2009) review of public experimental data). When Fakchar-
oenphol et al.’s (2014) history matched experimental data using the
TOUGHREACT simulator, they used 5% membrane efficiency. It is
possible that theoretical pressures could exceed 30 MPa at a porosity of
0.1 and 10 MPa at a porosity of 0.2 (Neuzil and Provost, 2009). However,
the average osmotic pressure measured in laboratory and in situ is 0.128 MPa
at the porosity of 0.206 from the published data summarized by Neuzil and
Provost (2009). The possible reasons to cause the discrepancy between the
theoretical estimation and actual osmotic pressure could be one or more
of the following.
(1) Due to the wide range of pore sizes, formation acts as a nonideal

semipermeable membrane which only restricts passage of some of the
solutes in the solvent (Fakcharoenphol et al. 2014). Ghanbari and
Dehghanpour (2015) observed that significant permeability parallel to
the laminations acts as a preferential pathway for the imbibing water
than the semipermeable clay layers, therefore, reducing the favorable
conditions for the development of osmotic pressure.

(2) Some of assumptions in the osmotic theory may not hold in reality
(Neuzil and Provost, 2009).

(3) The conditions for the osmosis to occur are difficult to meet (Neuzil and
Provost, 2009).

(4) Formations that are effective membranes in tests are ineffective at large
scale (Neuzil and Provost, 2009).
However, anomalously high pressures were observed in shales of Triassic

Dunbarton Basin, Eastern United States (Marine, 1974; Marine and Fritz,
1981), and in an argillite in the eastern Paris Basin, France (Gueutin et al.,
2007). There could be many reasons, such as tectonic deformation, compac-
tion, diagenesis and heating, to cause anomalously high pressure behavior. It
seems difficult to explain those anomalously high pressures except by the
concept of osmotic pressure.

12.3.4.3 Implications of osmotic phenomenon
The osmotic pressure will drive lower-salinity water like fracturing fluid into
higher-salinity shale, displacing oil and gas out of shale formation. Fakchar-
oenphol et al. (2014) simulated the osmotic effect between a fracture and a

Fracturing fluid flow back 353



10 ft matrix block being 1 mD and oil-wet. The osmotic pressure reached 40
psi after 30 years imbibition. Oil started to flow from the matrix to the
fracture at 20 years. The oil recovery from the matrix reached 35% after
40 years. 5% membrane efficiency was used. Note that the maximum os-
motic pressure from their model is more than two times the average pressure
(0.128 MPa or 18.9 psi) fromNeuzil and Provost’s (2009) reviewmentioned
earlier. Such osmotic pressure should be much lower than the capillary
pressure. To make oil be able to flow out of matrix, they used almost
zero capillary pressure for the oil-wet matrix which is presented in
Fig. 12.12. It seems that the significance of the effect of osmotic pressure
on oil recovery in a shale or tight formation is questionable. However, in
a separate paper (Fakcharoenphol et al., 2016), their simulation shows that
the osmotic effect was more significant than the capillary effect on increasing
gas rate and decreasing water production.

Some shale formations are oil-wet owing to Ca2þ/Naþ bridging of oil
molecules to the negatively charged clay surface. When low-salinity water
invades the high-salinity zone, Ca2þ/Naþ will detach from the rock surface.
As a result, the surface may become more water-wet, resulting in the in-
crease in oil relative permeability and decrease in residual oil saturation (Kur-
toglu, 2013). More possible mechanisms for low-salinity waterflooding are
summarized in Sheng (2014).

Because of osmosis, some water will be held in the high-salinity zone of a
shale or tight formation. That could be one of the reasons to explain less flow
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back for fracturing fluid. However, as the above discussion about Fakchar-
oenphol et al.’s (2014) work implies, the osmotic mechanism would be
possible only if the shale matrix has higher affinity for aqueous fluid over hy-
drocarbon, because for an oil-wet shale matrix, they had to use a capillary
pressure close to zero which is not the reality. In other words, the shale needs
to be water-wet or mixed-wet.

12.3.5 Evaporation
When a gas phase flows through a porous medium that is partially occupied
by a volatile liquid phase, evaporation occurs, even if the gas is saturated, due
to its volume expansion. This process is referred to as flow-through drying.
Such process is important in a wide variety of natural and industrial applica-
tions, such as natural gas production, convective drying of paper, catalysts,
and membranes. The papers in the petroleum literature mainly discuss the
water vaporization near the gas wells.

Another type of drying that is related to flow-through drying is referred
to as pass-over drying. In this type of drying, the rate of mass transfer is
controlled by the diffusion of volatile species within the pore space. The
pressure drop is negligible and the gas flow rate is constant. However, in
flow-through drying, the gas flows through a porous medium owing to a
pressure drop. Its mass-transfer is controlled by the convection of gas
(Mahadevan, 2005).

It is understandable that when gas is unsaturated, water will be vaporized
until the water solubility in the gas at the system pressure, temperature and
salinity is reached. Fig. 12.13 shows the water solubility in the nonaqueous
phase of a methane/NaCl brine system at 121�C as a function of pressure
and brine salinity. The symbols represent measured data and the solid lines
represent that calculated by the PR EOS (Peng and Robinson, 1976).
From this figure, we can see that the mole fraction of water in the hydro-
carbon phase is increased, as the pressure is decreased. Then during hydro-
carbon gas production, when the reservoir pressure is decreased, more water
will be vaporized into the hydrocarbon phase. Therefore, the water blocking
near the wellbore will be mitigated as gas is produced. Here we use the PR
EOS data to explain water evaporation phenomenon, as the gas is expanded
(the pressure is decreased). We can combine the Raoult’s law with Dalton’s
law to explain this phenomenon.
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Raoult’s law states that the partial vapor pressure pw of the water compo-
nent w is

pw ¼ xwp*w (12.2)

p*w is the vapor pressure of the pure water component, xw is the mole fraction
of water component in the water solution.

Dalton’s law states that the partial water vapor pressure in the gas phase is

pw ¼ ywpg (12.3)

Here pg is the gas phase pressure of the gas mixture of water vapor and
hydrocarbon gas, and yw is the mole fracture of water in the gas mixture.
By combining the two laws, we have

pw ¼ xwp
*
w ¼ ywpg (12.4)

When the gas phase pressure pg is reduced, the mole fraction of xw in the
aqueous solution does not change much and p*w is fixed for water at a specific
temperature. Thus the product of yw and pg are almost unchanged. Then

Figure 12.13 Water solubility in the nonaqueous phase of a methane/NaCl brine sys-
tem at 121�C (Søreide and Whitson, 1992).
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when pg is reduced, yw must be increased. So water must be vaporized as the
gas phase pressure is decreased.

However, when more water is vaporized, the salt concentration in the
aqueous phase will be increased. As a result, xw will be decreased. Then
the water vaporization will be reduced (Morin and Montel, 1995). Whether
more water is vaporized depends on the competitive effect of pressure
reduction and the effect of salinity increase. In real gas flow or petroleum
problems, the effect of pressure reduction should be more important.
When salt precipitation starts to occur, the salinity becomes a constant. Wa-
ter is vaporized until no water exists, as the pressure declines.

In fracturing shale reservoirs, it has been observed that less water is pro-
duced than the pumped fracturing fluid in some cases. Water vaporization is
partly attributed to the phenomenon. However, Fig. 12.13 shows that the
mole fractions of water vapor in the gas phase changes near 0.01 with a large
pressure interval. In other words, even though the pressure changes signifi-
cantly, the mole fraction in the gas phase remains very small. Then the water
vaporization due to pressure drawdown should not be significant, if the gas is
saturated with water initially.

Mahadevan and Sharma (2005) conducted corefloods to compare the
liquid volumes removed by displacement and evaporation. Fig. 12.14 shows
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the liquid (brine) removed from a Texas Cream limestone core by displace-
ment and evaporation. Evaporation started to remove brine when the flood
gas volume reached 1000 pore volumes (NPVg). Fig. 12.15 shows the meth-
anol removed from a Berea sandstone core by displacement and evaporation.
Evaporation started to remove brine when the flood gas volume reached
60 NPVg. In this case, the rock permeability was high, and the volatile meth-
anol was used. These conditions are favorable to evaporation (Mahadevan
and Sharma, 2005). It can be predicted that in shale and tight reservoirs, it
will take much longer time for the evaporation to start to show up.

12.3.6 Permeability jail
Many field cases show that the connate water saturation is immobile at very
high saturations in low permeability reservoirs; within a large range of
middle saturation, neither gas nor water could flow (Shanley et al., 2004).
They term this range of saturation “permeability jail”. Ojha et al. (2017)
estimated relative permeabilities for shale cores using nitrogen adsorption-
desorption data. Their data show that water cannot move for water saturation
higher than 50%. Based on these facts, we may hypothesize that during the
fracturing operation, high pressure and saturation of fracturing fluid force
the fracturing fluid (water) to move deep into a formation, with help of water
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Figure 12.15 Liquid (methanol) removed from Berea sandstone core by displacement
and evaporation (pmean ¼ 1.1 atm., k ¼ 327 mD, and the core length 7.6 cm) (Mahadevan
and Sharma, 2005).
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imbibition. During the flow back, both the pressure and the saturation are
reduced, especially the saturation can be easily decreased to lower than the
immobile saturation, thus water cannot flow back when the saturation reaches
this level.

12.4 Effect of shut-in time on flow back

From the preceding discussions, the flow back is closely related to the
shut-in. There are opposite opinions about the effect of shut-in on flow
back. One is that the fracture filtrate (water) near the fracture-matrix
interface will dissipate into the deep formation, so that the water blockage
is mitigated. The other one is that the fracture filtrate that dissipates into
the deep formation will block the gas flow out, and immediate flow back
will mitigate the water blockage. Field observations and research results
are mixed.

Cheng (2012) presented the performance of a Marcellus shale gas well, as
shown in Fig. 12.16. The well was a horizontal well completed with a multi-
stage fracturing treatment. After the treatment, it had a short time for flow
back, followed by a shut-in of almost a half year. When the well was re-op-
ened, the gas rate was significantly increased, while the water rate was much
lower than that before the shut in. Although her simulation work showed
the similar trends in gas rate and water rate, the cumulative gas production
was almost the same, and the cumulative water production was significantly
lower from her simulation from an extended shut-in of 3 or 6 months,
compared with the case without an extended shut in. However, the dis-
counted gas production will be lower in the case of extended shut-in, if
the accelerated production is considered.

Figure 12.16 Field production data from a well in Marcellus shale, (A) water production
and (B) gas production (Cheng, 2012).
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Yaich et al. (2015) evaluated the impact of soaking on well performance
in the Marcellus shale gas. Their results showed that soaking was possibly
beneficial in three out of the four areas investigated. The 30-day average
gas rates could be several times those at the end of flow back. The improve-
ment was better with longer soaking time. But most of the improvement in
well performance happened during the first 100 days of soaking. The rates
were normalized by pressure drawdown. Reduced water production was
observed in soaking wells. However, the time loss due to soaking was not
included in the evaluation.

Fakcharoenphol et al. (2016) simulated the effect of shut-in time on flow
back. The gas rates and cumulative gas production at different shut-in times
are shown in Fig. 12.17. They used triple-porosity models to simulate flow
in fractures, organic pores, and inorganic pores. The simulator used was
TOUGH-REACT (Xu et al., 2012). A shut-in period allows the shale ma-
trix adjacent to the fractures to imbibe the filtrate. Thus the water saturation
inside the fractures is reduced. The initial gas rate is increased with a longer
shut-in period. However, this effect does not last long. The rates at different
shut-in times merge to almost the same curve after about 1 month
(Fig. 12.17A); and the cumulative gas production curves almost overlap
each other (Fig. 12.17B), indicating that shut-in times do not affect cumu-
lative production. Because water has imbibed deep into the formation, it
will be more difficult for water flow out of formation and thus the water
production (rate and cumulative) is reduced with longer shut-in times, as
shown in Fig. 12.18. It can be expected that the imbibed water may have
a long-term impairment on gas production, because the water may block
gas flow paths deep inside the formation, and may cause shale swelling.
Here, the loss of production time is not included in the comparison. If it is
included, the effect of shut-in time on gas production will be worse. But
delayed water production may keep the energy inside the reservoir.

Fakcharoenphol et al. (2016) also did a sensitivity study of the effects of
other parameters like osmosis and wettability. All their results show the ef-
fects are in the early flow back period of less than 100 days. This implies that
those effects may not play significant roles in improving gas production.

Bertoncello et al. (2014) simulated the BHPs when the well is shut in 1, 7,
and 14 days before the first flow back (or called the first shut-in immediately
after well stimulation) at the same gas rate, as shown in Fig. 12.19. It shows
that to produce in the well at the gas rate of about 8000 Mscf/d, the BHP
required for 1-day shut-in is about 5000 psig, while the required BHP is
2300 psig for 14-day shut-in. These data indicate that earlier flow back

360 Enhanced Oil Recovery in Shale and Tight Reservoirs



Figure 12.17 Gas production rate (A) and cumulative gas production (B) at the shut-in times of 0 day, 7, 15, and 30 days (Fakcharoenphol
et al., 2016).
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(shorter shut in before flow back) maintains the reservoir energy so that a
higher BHP (lower pressure drawdown) can produce a required gas rate.

Fig. 12.20 shows the BHPs with and without the second shut-in of
1.5 months, when the well produces the same gas rate history shown in

Figure 12.19 Simulated BHP for 1, 7, and 14 days of shut-in before flow back to
produce the same gas rates. Modified from Bertoncello, A., Wallace, J., Blyton, C.,
Honarpour, M.M., Kabir, S., 2014. Imbibition and water blockage in unconventional
reservoirs: well-Management Implications during flowback and Early production. Paper
Presented at the SPE/EAGE European Unconventional Resources Conference and Exhibition
Held on 25 February. doi:10.2118/167698-PA.

Figure 12.18 Water production rate (A) and cumulative water production (B) at the
shut-in times of 0 day, 7, 15, and 30 days (Fakcharoenphol et al., 2016).
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the previous figure after the initial flow back of 20 days. It shows that the
BHP required is higher with the shut-in than that without shut-in. In other
words, it is easier to produce the gas rate history with the shut in, indicating
the water blockage near the fracture-matrix interface is mitigated and the gas
permeability is higher with the shut-in, as shown in Fig. 12.21 which shows
the water saturation and krg at a block near the fracture for the two cases.
However, the water saturations in the blocks away from the fracture may
be higher with shut-in, resulting in lower gas permeability. They did not
show the effect of shut-in on the long-time performance. A different
conclusion may be drawn if the long-time gas recovery is analyzed,
especially the production loss due to shut-in time is considered.

Bertoncello et al. (2014) further did simulation analysis of shut-in time
effect. The initial flow back is 4 days, followed by 1 day or 300 days of
shut-in. Produced gas volumes of 90 days are compared. The produced vol-
ume for 300 days of shut-in is 20% higher than that for 1 day of shut-in.
Their opinion is that an early cleanup period immediately after stimulation
before an extended shut-in helps gas production.

However, if 10% discount is used and average constant production rates
are assumed, the calculated net present value of the gas produced for the case

Figure 12.20 Simulated BHPs with and without the second 1.5 months of shut-in when
the well produces the same gas rate history shown in the previous figure (Bertoncello
et al., 2014).
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without shut-in is 42% higher than the case with shut-in! This result is based
on the assumption that the well produces at constant production rates, and
the cumulative produced gas is linearly allocated in the duration of produc-
tion. If the flow rates are not assumed constant, for example, an exponential
decline is assumed; the difference will be higher than 42%, because more gas
will be produced in the early time without shut-in.

Liang et al. (2017b) did flow back experiments after different shut-in
times. For all the experiments, the flow rate was 0.1 cc/min and the average
initial water saturation was 0.2. The core permeability was 8.5 mD. The
measured pressure drops are shown in Fig. 12.22. Higher pressure drop rep-
resents lower permeability. This figure shows that with a longer shut-in
time, the pressure drop was lower in the early time, indicating that the
shut-in time dissipated the water blockage and restored to higher perme-
ability. However, when these data are presented in the actual elapse times
(including shut-in times) in Fig. 12.23, it can be seen the pressure drop
was higher with a longer shut-in time at the same elapse time! This figure
clearly demonstrates that the shut-in time wasted the operation (production)
time. Both of these figures show that the pressure drops were similar during
late-time.

Wijaya and Sheng (2019b) investigated the shut-in effect in removing
water blockage in shale-oil reservoirs with stress-dependent permeability
considered in their simulation modeling of a sector of half wing fractures
and a few natural fractures. The model was validated by matching field pro-
duction data from a well in the Middle Bakken shale reservoir (Kurtoglu and

Figure 12.21 Water saturation changes with time at the block closest to the fracture
and the effective gas permeability (Bertoncello et al., 2014).
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Figure 12.22 Pressure drop across the core during flow back (Liang et al., 2017b).

Figure 12.23 Pressure drop across the core during shut-in and flow back. (Modified
from Liang et al., 2017b).
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Kazemi, 2012). Table 12.1 lists the parameters used in the base model.
An exponential stress-dependent-permeability (SDP) model (Raghavan
and Chin, 2002) is used:

k ¼ k0e
�bðseff�seffoÞ (12.5)

where k is the permeability (mD), k0 is the permeability at the initial con-
dition (mD), seff is the effective stress (psi), seffo is the effective stress at the
initial condition (psi), and b is the stress sensitivity index. Fig. 12.24 shows
how the permeabilities of the matrix, natural fractures (NF), and hydraulic
fracture (HF) change with the pore pressure during the injection and the
production stages. The natural fracture spacing is 2 ft.

Table 12.1 Parameter input for matrix, NF, and HF for history match.

Reservoir depth, ft 8000 NF half-length, ft 16
Reservoir thickness, ft 50 HF conductivity, mD-ft 250
Matrix porosity 0.056 HF porosity 0.6
Matrix permeability, nD 300 HF half-length, ft 215
NF conductivity, mD-ft 6.5 Initial reservoir pressure, psi 7800
NF porosity 0.8 Matrix Swi 0.4

Figure 12.24 Changes of the permeabilities of the matrix, NF, and (HF) with the pore
pressure during the injection and production stages.
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The bottom hole injection pressure is 12,000 psi to simulate the water-
fracturing. After a typical volume of fracturing fluid is injected, flow back is
carried after some shut-in times. During the flow back and production, a
constant bottom hole pressure of 2000 psi is set.

To investigate the effect of shut-in on oil production, four shut-in times
of 0 (immediate flow back), 30, 60, and 300 days are chosen. Fig. 12.25
shows that a longer shut-in results in a higher initial oil rate, which is consis-
tent with most of field observations, and it also justifies the models used.
However, it also shows that shut-in does not affect the ultimate oil volume
produced. Fig. 12.26 shows the effect of SDP on the cumulative oil produc-
tion. It shows that when the permeabilities of matrix, NF, and HF are not
changed by the pore pressure, the total oil production is higher by 28%.

One believes water will dissipate away from the fracture-matrix interface
so that water blockage is mitigated. Fig. 12.27 shows the water saturations Sw
at the two locations (2 and 8 inches away from HF) in the two cases of im-
mediate flow back (s0) and 300 days of shut-in (s300). First look at the water
saturations (two dotted lines) in the case of 300 days of shut-in. At the loca-
tion 2 inches away from the HF, Sw keeps increasing until 50 days because

Figure 12.25 Effect of shut-in on oil production rate and cumulative oil production
volume.
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water in the HF moves to this location. Then Sw decreases until 300 days
because of dissipation deep into the matrix. When the flow back starts at
300 days, Sw increases again because the water dissipated earlier flows
back! At the location of 8 inches away from the HF, Sw (red dotted line)
slightly decreases (<0.02) in the first 10 days because of dissipation, then
it increases again until about 150 days because the water closer to the HF
dissipates to this location. From 150 to 300 days, Sw decreases because of
dissipation deep into the matrix. At 300 days, Sw suddenly decreases for a
very short moment because of flow back; then it increases again because
the water deep in the matrix flows back. Contradictory to one’s belief,
the water saturations near the HF-matrix interface in the 300 days of
shut-in actually increase during some of 300 days.

Now look at the water saturations in the case of immediate flow back
(s0) (two solid curves). Sw (solid blue) at 2 inches away from the HF keeps
increasing because the water leaked earlier flows back. Interestingly, the Sw
at this location in the s0 case (solid blue) is lower than that (dotted blue) in
the s300 case from 0 to 110 days. The Sw (solid red) at 8 inches away from
the HF decreases in the first 10 days and then increases again. However, the

Figure 12.26 Effect of SDP on cumulative oil production.
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Sw (solid red) at this location in the s0 case is lower than that (dotted red) in the
s300 case from 0 to 300 days!

Furthermore, the water saturation at both locations for the shut-in case
(s300 dashed blue and red lines) instantaneously before flow back at day 300 is
approximately 0.575, which is much higher than that (approximately 0.425)
for the immediate flow back case (solid lines) at day 1.

The above description demonstrates that the water dissipation is a very
slow and inefficient process. Rather, immediate flow back is a quick process
to flow water out, mitigating water blockage near the HF-matrix interface,
as shown in Fig. 12.28. It shows that the shorter the shut-in, the flow back is
more.

We have seen so far that shut-in reduces water flow back; then the water
handling cost can be reduced. The shut-in does not significantly affect the
cumulative oil production in a long time (data not presented here), but later
oil production will devalue the oil production. The question is whether the
cost reduction by less water flow back can compensate the value reduction
of later oil production.

Figure 12.27 Water saturations at the two locations (2 and 8 inches away from HF) in
the two cases of immediate flow back (s0) and 300 days of shut in (s300).
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The above base model data are used to evaluate the 10-year NPV which
is calculated by

NPV ¼
X10

i¼1

Vo;i OilPrice� Vw;iWaterHandlingCost

ð1þDiscountRateÞi (12.6)

where NPV is the net present value in dollars ($), Vo,i is the annual oil
production volume in ith year (STB), and Vw,i is the annual water recovered
volume in ith year (STB). Dollars 70/STB is taken as the oil price; the
discount rate is 10%, and the water handling cost is $7/STB water according
to Yaich et al. (2015). The other costs are assumed not affected by shut-in
time. Fig. 12.29 shows the 10-year NPVs at different shut-in times. The
NPV of each scenario is normalized by the NPV of the s0 case (immediate
flow back). It shows that the NPV is the highest (normalized NPV ¼ 1) for
the immediate flow back. As the shut-in time is longer, the NPV is lower.

Fig. 12.30 presents the effects of matrix permeability and injection value
on NPV. The range of injection volumes in barrels is 92,870 (min),106,950
(average), and 122,950 (max).When the permeability is reduced to 20 nD,

Figure 12.28 Effect of shut-in on the flow back of injected fluid (leaked-off fluid).
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Figure 12.29 Effect of shut-in on the 10-year discounted NPV (10% Discount Rate) for
the base case model.

Figure 12.30 Effect of injection volume andmatrix absolute permeability on the NPV at
different shut-in times.
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the NPV increases in the 30-day and 60-day shut-in times over that in the 0-
day shut-in are negligible. When the permeability is 300 nD (base model)
and 1800 nD, the NPV for the immediate flow back is the highest.

Wijaya and Sheng (2019b) also checked the performance (NPV) of im-
mediate flow back at different oil prices and different water handling costs.
Figs. 12.31 and 12.32 show that with the ranges of different prices and costs,
the immediate flow back ranks the best.

Earlier, Wijaya and Sheng (2019a) studied the effect of desiccation on
shut-in benefits in removing water blockage. Desiccation refers to a state
in which the rock’s initial water saturation is below the irreducible water
saturation, often called subirreducible water. They built simulation models
to match Liang et al.’s (2017c) experiments in which a core was initially satu-
rated with oil, then water flooded presenting an invasion process; after some
time, the flooding direction was reversed with oil (n-pentane) flooding at a
constant flow rate to reach steady state flow; during the oil flooding,
regained oil relative permeability kro was calculated using Darcy’s equation
assuming a single-phase flow although it was a multiphase flow.
Fig. 12.33 shows the effects of desiccation and shut-in before flow back.

Figure 12.31 Effect of oil price on the NPVs for different shut-in times.
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The early-time plateau represents the removal of trapped water and oil,
while the late-time plateau represents the single-phase oil flow. Several ob-
servations may be made. (1) The final regained kro’s in the desiccated cases
are higher than those in the nondesiccated cases, because less mobile water
is available in the former cases. (2) The final kro’s reach the same value at late
time because of complete removal of mobile water for the desiccated cases;
but for the nondesiccated cases, kros cannot reach the same value in realistic
time of flow back. (3) for both desiccated cases and nondesiccated cases, the
shut-in time decreases the regained kro.

More generally, the processes of shut-in and flow back are divided into
the shut-in immediately after hydraulic fracturing or before the first flow
back (pre-flow-back shut-in), flow back, post-flow-back shut-in, and
extended flow back (production). Wijaya and Sheng (2019c) studied these
pre- and post-flow-back shut-ins. In the literature and earlier in this chapter,
the shut-in before the flow back is discussed. Here the shut-in past-flow-back
is discussed. The duration of the initial flowback is 10 h in a nondesiccated
model. Fig. 12.34 shows that the shut-in time is longer, the regained kro
becomes lower, indicating the shut-in is not beneficial.

Figure 12.32 Effect of water handling cost on the NPVs for different shut-in times.
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Wijaya and Sheng (2019c) also compared the shut-in performance of the
pre-flow-back with that of post-flow-back in a nondesiccated model as
shown in Fig. 12.35. It shows that the regained kro for the shut-in post-
flow-back is higher than that pre-flow-back; the kro without any shut-in
is the highest.

In tight gas formations, shutting in wells to allow closure can be very
detrimental to ultimate production due to proppant setting in non-cross-
linked fluids. Additionally, the supercharge from the treatment is lost.
The supercharge is the buildup of leaked fluid near the fracture or wellbore
so that the pressure is built up. The stored energy in the compressed min-
erals, liquids, and gases helps to recover substantial volumes of fluids, even
in underpressured reservoirs, if the flow back follows immediately after
the treatment. In medium- and high-permeability formations where
cross-linked fluids are routinely used and proppant concentrations within
the fracture are considerably higher, wells should be shut-in for enough
time to allow the fracturing fluid break, then flow back (Malone and Ely,
2007).

Figure 12.33 Effects of shut-in before flow back and desiccation on regained kro.
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12.5 Shut-in time effect on fracture conductivity

To evaluate the shut-in or delay effect, Crafton and Noe (2013) used
the well performance metric of connectivity between the reservoir and the
wellbore, as measured by “apparent fracture length.” In their opinion, the
apparent fracture length is not indicative of any measurable entity in the
reservoir or adjacent to the wellbore; it is a surrogate to describe the degree
of connectivity between the reservoir and the wellbore, nothing more.

Crafton and Noe (2013) reviewed 270 wells’ performance in theMarcel-
lus shale. The effect of delay or the first shut-in immediately starting at the
end of stimulation is presented in Fig. 12.36. In the figure, the apparent frac-
ture length is normalized by being divided by the millions of pounds of
proppant used; ITM is the abbreviation of Interfacial Tension Modifier;
the data are from the clean-up wells (thus the length is the best apparent frac-
ture length); the log of the normalized length versus the log of delay (soak)

Figure 12.34 Effect of the shut-in post-flow-back on kro in a nondesiccated model.
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Figure 12.35 Comparison of the shut-in performance of the pre-flow-back with that of
the post-flow-back in a nondesiccated model.

Figure 12.36 Normalized apparent fracture length versus delay or soak time (first shut
in) (Crafton and Noe, 2013).
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time in days. The figure shows that the apparent length for ITM fluid wells
did not change with the delay time, while the apparent length for non-ITM
fluid wells decreased as the delay time was longer. Their conclusion or inter-
pretation was that the damage from the delay was quick (damaged observed
for short delay times), persistent, and significant. At least, the short delay was
not beneficial.

Fig. 12.37 shows the average changes of effective fracture length during a
sequence of four shut-ins. The ITM fluid wells and non-ITM fluid wells are
separately grouped. The effective fracture lengths at the zero shut-in are the
lengths without delay or shut-in. The fracture lengths for the non-ITM fluid
wells were shorter than those for the ITM fluid wells. Regardless of ITM
and non-ITM fluid wells, the fracture lengths became shorter with more
shut-ins being performed. This is a clear and statistical indication that
shut-in was not beneficial.

Crafton (1998, 2008) also observed that the delay in starting flow back
(the first shut-in) is less damaging than the shut-ins (the second or subse-
quent shut-ins) during flow back; a high rate of wellhead pressure change
(e.g., higher than 250 psi per day) during the first production period are
obviously detrimental; there is a minimum flow rate below which the

Figure 12.37 Average changes of effective fracture length during a sequence of four
shut-ins (Crafton and Noe, 2013).
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cleanup is ineffective and formation damage occurs; and there is a critical rate
above which severe and permanent damage occurs to the effective fracture
length and conductivity.

During the fracture operation, the region near the fracture is compressed
and high energy is stored. This energy can help fluid flow back or cleanup.
However, this energy will quickly disperse after shutdown. Therefore, it is
general to make use of the energy by flowing back as soon as possible after
the fracture treatment (Martin and Rylance, 2007). In tight formations,
there is a significant elapse time to fracture closure and there is potential
for proppant convection away from the pay zone and wellbore; consider-
ation should be given to immediate flow back or forced closure (preclosure)
(Ely et al., 1990), or reverse gravel packing (Ely, 1996). However, it is gener-
ally accepted that forced closure will lead to reduced fracture width, and
therefore reduced conductivity, immediately at the wellbore, and conse-
quently this approach has a limited range of application and should be
considered carefully. After the fracture closure is confirmed, the flow back
process (postclosure flow back) is begun as soon as the treatment has been
shut down. After the fracturing fluids have been produced back toward
the wellbore, it is very important to keep the fluids moving and not to
halt the process until the well is fully cleaned up. Each time a well is
shut-in during fracture fluid recovery, it can become increasingly difficult
to reinitiate fluid recovery. This is particularly true if gas is also being
recovered with the fracturing fluid, as the multiphase flow effects will
tend to decrease the effective permeabilities of both phases. Also, additives
in fracturing fluids to prevent formation damage such as demulsifiers, clay
stabilizers, and low-tension additives have a limited life, generally in hours
not in days or weeks. The longer the fracturing fluids are left in the forma-
tion, the less effective these additives will be and the greater the potential for
permanent formation or fracture damage (Martin and Rylance, 2007). Haw-
kins (1988) found that both final permeability and permeability recovery
decreased dramatically with increasing shut-in time in his experiments,
because of gelling agent becoming more concentrated which reduces
permeability.

The flow back process should also be designed to minimize proppant
flow back. One method is to control the drawdown or flow rate. A sudden
change should be avoided. The choke sizes should be staged slowly up or
down as required (Martin and Rylance, 2007).

Bilden et al. (1995) measured fracture conductivity in laboratory and
evaluated well skins from well pressure transient analysis. The results did
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not find that 7 days of shut-in was detrimental to fracture conductivity and
the negative skin values were not indicative of increased polymer damage.

12.6 Effect of initial wettability on flow back

During the flow back, the water saturation changes in a water-wet
core (represented by square points) and in an oil-wet core (by circle points)
are shown in Fig. 12.38A. Clearly, the water saturation in the oil-wet
core decreased much faster than in the water-wet core. As shown in
Fig. 12.38B, the pressure drop in the water-wet core (black color) was higher
than that (red) in the oil-wet core initially, with the same flow-back rate.
After the water block near the fracture face was removed in the water-
wet core, the pressure drop was lower than that in the oil-wet cores (either
with surfactant or without surfactant). These results suggest that to favor water
flow back, a surfactant should not be added in the fracturing fluid to change
oil-wetness to water-wetness. In other words, initial oil-wetness favors the
flow back of aqueous fracturing fluid. Note that the water saturation and
pressure drop in the oil-wet core with invaded surfactant solution were
slightly lower than those in the oil-wet core with invaded water. In the
experiment, an anionic surfactant with the IFT of 0.03 mN/m was used,
and the water-wetness of the core (Indiana limestone core) was aged with
1.5 wt.% cyclohexanepentanoic acid in n-pentane to have been changed
to oil-wetness. These experiments showed that the added surfactant did
not significantly improve the flow back performance in the oil-wet core.
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Figure 12.38 Comparison of changes of the total water saturation within the core
(A) or the pressure drop across the core (B) during flow back under various conditions
(Liang et al., 2017d).
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Although the flow back from the above oil-wet case was much more
than that from the water-wet case, the regained permeability could be either
more or less in the different stages of flow back. Fig. 12.39 shows that the
regained permeability to pentane in the initially water-wet core was lower
than that in the initially oil-wet core, but higher at late time. This is because
in the water-wet core, water imbibed deep into the core by capillary pres-
sure and the flow back of the imbibed water took some time; initially the
regained permeability was low; after more water was removed near the frac-
ture face, the permeability was significantly regained, resulting in higher
permeability than that in the oil-wet core, because generally the oil perme-
ability in an oil-wet core is depressed. For the case of oil-wet core with a
surfactant solution, the regained permeability followed the trend in the
oil-wet core without surfactant, but higher. From oil production point of
view, it seems that water-wetness is preferred from this example.

Tangirala and Sheng (2019b) compared the surfactant roles in the soak-
ing process and the invasion and flow back processes. The cores were initially
oil-wet and saturated with a crude oil. Amott type of experiments were con-
ducted to study the soaking process. Three tight cores (crab orchard labeled
T1, T2 and T3) of w11% porosity and three conventional cores (labeled

Figure 12.39 Comparison of changes of regained permeability to pentane under
various conditions (Liang et al., 2017d).
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C1, C2 and C3) of w18% porosity were used in experiments. Their main
mineral component was quartz. Three fluids were used: deionized water,
nonionic surfactant, and anionic surfactant. The IFT values and contact an-
gles of these fluids are shown in Table 12.2.

Fig. 12.40 shows the oil recovery by spontaneous imbibition during the
soaking process in (a) tight cores and (b) conventional cores. From both
types of the cores, the surfactant solution which had the moderate IFT
and the function to change oil-wetness to water-wetness had the highest
oil recovery, and water had the lowest; the nonionic surfactant even
changed the cores more oil-wet but the IFT was reduced, and the oil recov-
ery stood in the middle. Those results are inline with earlier published
results.

To study the invasion and flow back processes, the experimental appa-
ratus shown in Fig. 12.41 was used. First, the core was flooded from the
end A to the end B using the oil at a constant pressure drop until a steady
state oil rate (qo1) was reached. The oil permeability was calculated using
Darcy’s equation. Then an invasion was performed by injecting about
0.25 pore volumes (PV) of a fluid from the end B of the core at a very small
pressure drop (DP) to prevent any viscous fingering. Finally, in the flow back
phase, the fluids were produced from the end B, and oil was injected from
the end A at the same constant pressure (DP) to represent the hydrocarbon
flow from the deep reservoir to the fractured well. The effluent was
collected in a flask and was continuously weighed on a scale. The flow
rate during flow back could be calculated from the increment of cumulative
fluid production within a unit time. After at least 36 h (1e4 PV) of produc-
tion from a tight core, or about 10 PV of production from a conventional
core, a steady state flow back rate (qfb) was reached. When the flow was
steady state, the oil rate (qo2) from the end A should equal the fluid rate at
the end B; before that, they are not equal. For a simple comparison, the ratio
R ¼ qo2/qo1 was used to evaluate the changes of permeability. The flow back
efficiency was defined by the flow back volume divided by the invaded
volume.

Fig. 12.42 shows the permeability recovery ratios (R) and flow back ef-
ficiencies for tight cores, when water, nonionic surfactant solution, and
anionic surfactant solution were injected and flowed back. It is against
one’s intuition that surfactant solutions may help recovery permeability
and increase flow efficiency. The figure shows that both permeability recov-
ery ratio and the flow back efficiency for water were higher than those of
nonionic and anionic surfactant solutions; the anionic surfactant solution
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Table 12.2 IFT and contact angles of the solutions used.

Aqueous fluid Concentration
IFT with oil mN/
m Rock used

Contact angle,
degrees

Primary function
of fluid

Designated
name
for the fluid

DI water - 25 (�) 1.2 Conventional
Berea sandstone

120.78 (�) 17.79 Base case C1
Nonionic
surfactant

0.2 wt.% 0.58 (�) 0.06 145.62 (�) 6.12 IFT reduction C2

Anionic
surfactant

0.2 wt.% 0.68 (�) 0.04 41.76 (�) 10.45 IFT reduction and
wettability
alteration

C3

DI water e 25 (�) 1.2 Tight
sandstoneeCrab
Orchard

112.81 (�) 11.14 Base case T1
Nonionic
surfactant

0.2 wt.% 0.58 (�) 0.06 144.23 (�) 10.48 IFT reduction T2

Anionic
surfactant

0.2 wt.% 0.68 (�) 0.04 44.05 (�) 6.68 IFT reduction and
wettability
alteration

T3
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which had a low IFT and a water-wetting angle had the lowest permeability
ratio and flow back efficiency. In those experiments, the capillary numbers
were in the order of magnitudes of 10�7e10�6 (Tangirala and Sheng,
2019b). Such low capillary numbers may not make the capillary desaturation
mechanism work (Sheng, 2011). Thus, the mechanism that might play in
those experiments was wettability. Since the cores were initially oil-wet,
the invaded zone closer to the end B was oil-wet in the water case. Then
the oil from the end A could imbibe into the invaded zone of the core close
to the end of B. The capillary pressure was the driving force which helped

Figure 12.40 Oil recovery by spontaneous imbibition during the soaking process in
(A) tight cores and (B) conventional cores.

Figure 12.41 Experimental apparatus for invasion and flow back.
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the fluids flow out (back) through the end B. In addition, the water close to
the end B would not stick to the core as the core was oil-wet. As a result,
both the permeability ratio and flow back efficiency in the water case
were the highest.

In the anionic surfactant case, the invaded zone close to the end B was
changed to water-wet, at least partially water-wet. The oil from the end
A would have resistance to imbibe into this zone. And the water would pref-
erentially stay inside the core owing to the capillary end effect. The resulting
permeability ratio and flow back efficiency would be lowest.

In the nonionic surfactant case, although the invaded zone remained oil-wet,
the IFT was reduced so that the capillary drive force was lower than that in
the water case. Thus, the permeability ratio and flow back efficiency were
lower than those in the water case.

Fig. 12.43 shows the permeability recovery ratios (R) and flow back ef-
ficiencies for the conventional cores. The performance was similar to that in
the tight cores, except that the differences among the cases of different so-
lutions were lower. In the conventional cores, the low IFT and high flow
velocity made the capillary numbers in the order of magnitudes of
10�5e10�3 (Tangirala and Sheng, 2019b) which made the capillary desatu-
ration work. Thus, the performance in the nonionic and anionic surfactant
solution cases was improved, and their differences with those in the water
cases became smaller.

However, field data suggest that the IFT reduction decreases the draw-
down required to initiate and sustain the flowback; the load recovery from
over 200 wells in Cotton Valley, Greater Green River, Piceance, San Juan,
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Flowback%

Figure 12.42 Permeability recovery ratios and flow back efficiencies for tight oil-wet
cores (k in the 10th md) of different fluids.
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Uinta, and Vicksburg Basin treated with surfactants was 50%e100% higher
than the load recovery with fracturing water alone (Paktinat et al., 2005;
Crafton et al., 2009). Since the flow back can be more easily sustained, sur-
factants thus demonstrate a much higher load recovery, hence minimum
blockage in the reservoir (Crafton et al., 2009; Penny and Pursley, 2007;
Butler et al., 2009; Zelenev and Ellena, 2009). Some field operators in
the Appalachian, Barnett, and Fayetteville Basin observed an increase in
the initial gas production rate from wells treated with microemulsion-
forming surfactants (Penny and Pursley, 2007). In those field cases, initial
wettability is unknown.

12.7 Effect of invasion depth on flow back efficiency
and late time oil rate

Tangirala and Sheng (2019a) studied the effect of invasion depth on
flow back efficiency. The invasion depth was represented by the water
(aqueous phase) saturation (%) at the end of invasion. The flow back effi-
ciency was defined as the water saturation reduction divided by the water
saturation at the end of invasion. The experimental details have been pre-
sented earlier in this chapter. They found that as the invasion depth was
deeper, the flow back efficiency became higher, especially for the water
case, as shown in Figs. 12.44 and 12.45. In the water-wet chip, the capillary
pressure resisted the water from flowing out. As the invasion was deeper,
the positive capillary pressure gradient was lower, and the resistance became
weaker. Thus, the flow back efficiency was improved. When the surfactants
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Figure 12.43 Permeability recovery ratios and flow back efficiencies for conventional
oil-wet cores (k in the range of a few md and tens of md) of different fluids.
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were added, the capillary pressure became lower, and the effect of the capil-
lary pressure gradient became less sensitive to the invasion depth. Note that
the surfactants cannot change the chip wettability.

However, the stabilized oil rate during the late-time flow back decreased
with the invasion depth, both for water and surfactant solution cases, as
shown in Figs. 12.46 and 12.47. Therefore, we wish to have a shallow in-
vasion depth to have higher oil rate. Note this deep invasion was caused
by the fluid leak off, not caused by the imbibition during shut-in.

However, when the chip is oil-wet, the flow back efficiency decreased
with invasion depth, as shown in Fig. 12.48 (Tangirala and Sheng, 2018).
During the flow back, the capillary pressure was a driving force. As the in-
vasion depth was increased, the driving pressure gradient was decreased, and
the flow back efficiency was decreased. Consequently, the stabilized oil rates

Figure 12.44 Flow back efficiency versus invasion depth in a water-wet chip for
deionized water.

Figure 12.45 Flow back efficiency versus invasion depth in a water-wet chip for two
surfactant solutions.
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Figure 12.46 Stabilized oil rate versus invasion depth in a water-wet chip for deionized
water.

Figure 12.47 Stabilized oil rate versus invasion depth in a water-wet chip for two sur-
factant solutions.

Figure 12.48 Flow back efficiency versus invasion depth in an oil-wet chip.
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decreased with invasion as shown in Fig. 12.49. Those preceding figures
show that when the invasion depth was shallower, the flow back efficiency
and stabilized oil rate for the water were higher than those for surfactants.
This is because the surfactant reduced the capillary pressure gradient; but
as the invasion depth became deeper, the surfactant-reduced IFT resulted
in higher capillary numbers (in the order of 10�4 vs. 10�5 for water in
the Tangirala and Sheng’s (2018) experiments), and the flow efficiency
was improved compared with water.

The preceding results and conclusions in oil-wet chips were verified by
core flooding results (Tangirala et al., 2019). For the same fixed invasion
depth, the remaining (residual) oil saturation (Sw2) at the end of flow back,
the flow back efficiency (flb), and the stabilized oil rate (Qo) were compared
for water flooding with and without a surfactant. The following parameters
X, Y, and Z were defined:

X ¼ ðSw2Þwater � ðSw2Þsurf��ðSw2Þwater � ðSw2Þsurf
��
max

(12.7)

Y ¼ ðflbÞsurf � ðflbÞwater��ðflbÞsurf � ðflbÞwater
��
max

(12.8)

Z ¼ ðQoÞsurf � ðQoÞwater��ðQoÞsurf � ðQoÞwater
��
max

(12.9)

Figure 12.49 Stabilized oil rate versus invasion depth in an oil-wet chip.
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In the above equations, the subscripts water and surf represent water and
surfactant solution, respectively. The subscript max represents the maximum
difference of each variable (Sw2, flb, and Qo) at different invasion depth (%).
These parameters X, Y, and Z are calculated separately for the experiments
in chips and cores. They are shown in Fig. 12.50. The negative values of
these parameters mean the fracture fluid with surfactant performed below
the water without surfactant. The figure shows that when the invasion
was low (<20% for chip flooding, 30% for core flooding), the water per-
formed better than the fracturing fluid with surfactants; in other words,
the residual water saturation was higher, the flow back efficiency was lower,
and the oil rate was lower for the fracturing fluid with surfactant than those
for water only.

From the preceding figures, it seemed that the final stabilized oil rate
decreased with the invasion depth, regardless of the initial chip wettability.
It could also be derived from those figures that the flow back efficiency was
inline with the final stabilized oil rate; that is, the higher the flow back ef-
ficiency, the higher the final oil rate was.

For an oil-wet chip, it is expected that a higher injection pressure is
needed to force water into the chip, or at a pressure, the invasion depth is
shallow; and the flow back becomes easier. Therefore, a higher oil rate
would be expected, compared with a water-wet chip. Compared with water
invasion, a surfactant can reduce the IFT leading to a lower capillary
resistance and thus deeper invasion is expected. During the flow back, the
capillary pressure is a drive force which is higher for water than for a surfac-
tant solution; the resulting flow back rate or oil rate is higher for water.
However, when the invasion became deeper, the flow back efficiency and
the stabilized oil rate for water was lower than those for surfactant solutions,
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Figure 12.50 Relative performance of fracture fluid with surfactant against the one
without surfactant in both (A) Chip flood and (B) Core flood experiments.
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because the surfactant solutions reduced IFT and increased capillary number.
These expectations are consistent with the experimental results presented in
the preceding paragraph. Note that surfactant cannot change the chip wetta-
bility from oil-wet to water-wet in this case owing to the chip material. If a
surfactant can change the wettability to water-wet, then the capillary pressure
becomes a resistance, but the oil relative permeability may be increased during
the flow back. The net effect of these two factors determines the oil flow rate
for surfactant solution compared with the oil rate for water.

12.8 Effect of surfactants on flow back

In preceding sections, the roles of surfactants are discussed when they
are related to shut in, invasion depth, and initial rock wettability. This sec-
tion is to further discuss the roles in flow back. Surfactants have basically two
functions: interfacial tension (IFT) reduction and wettability alteration.
Generally, when IFT is reduced, the capillary number is increased, residual
saturations are reduced, and relative permeabilities are increased. At oil-wet
conditions, oil relative permeability is depressed; similarly, at water-wet
conditions, water relative permeability is depressed. From these general
observations, surfactant solutions should have high IFT and oil-wetness
alteration to mitigate water blockage from favorable pc point of view; but
they should have low IFT and water-wetness alteration to increase kro and
depress krw from kr point of view. More detailed ideal functions of surfactants
are summarized in Table 12.3. Obviously, the requirements to favor pc and kr

Table 12.3 Favorable conditions for invasion, flow back, and oil recovery.

Less invasion More flow back
Higher oil
recovery

Favorable
Initial
wettability IFT Wettability IFT Wettability IFT Wettability

pc for SI WW Low OW High OW High OW
krw for

displacement
WW High WW Low OW

kro for
displacement

WW Low WW

pc for SI OW High OW High OW High OW
krw for

displacement
OW High WW Low OW

kro for
displacement

OW Low WW
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are not consistent. This makes the selection of surfactant more complicated.
The final selection depends on the net effect of these two functions. In the
table, the requirements to favor invasion are also listed which even make the
optimization even more difficult. Note that to reduce water imbibition, low
IFT is more favorable in an initially water-wet formation.

As mentioned earlier, surfactants added in fracturing fluids seem to
remove water blockage more effectively than water, and the regained oil
relative permeability kro is improved as well. Wijaya and Sheng (2019d) con-
ducted mechanistic analysis of the effectiveness of surfactant additive by his-
tory matching core flood experiments in initially water-wet cores by Liang
et al. (2017c). Fig. 12.51 shows the water saturation histories at different dis-
tances away from the fracture during the invasion and three periods of flow
back in the deionized water (DI) case (A) and the surfactant case (B). Several
observations can be made. (1) At the same time, the water front in the DI
case is further away from fracture (water invades deep in the matrix), as it
is clear when the Sw front from the DI is plotted in the surfactant plot
(B). Because of the shallow invasion, removal of invaded water in the sur-
factant case becomes easier. (2) Flow back is more effective in the surfactant
case than the DI water case, as the water saturation during flow back is lower
(large area of 0.2e0.25 in B compared to a large area of 0.25e0.3 in A). As a
result, the regained kro or oil recovery from the surfactant case is higher.

The next question is how to optimize the surfactant functions? Wijaya
and Sheng (2019e) used the above history matched base model (initially
water-wet) and run a series of simulation cases to see at what conditions a
maximum removal of water blockage and a maximum oil recovery or
regained oil relative permeability kro can be achieved. They look at the con-
ditions in three phases: early-, intermediate-, and late-phases. Correspond-
ing to these phases in order, kro quickly increases, temporarily decreases, and
finally increases or stabilizes. The early phase refers to the period in which
the IFT reduction effect is still present. The intermediate phase refers to
the period in which the IFT reduction effect is diminished as flow back grad-
ually removes the surfactants out of the rock, and water is not fully cleaned
up in the fracture. This leads to further water imbibition into the matrix,
causing the temporary decrease in kro. The late phase refers to the period
in which water is fully cleaned up in the fracture, so that kro gradually in-
creases again or stabilizes because of stabilized oil flow. Fig. 12.52 presents
the kro at different IFTs and oil-wetness at the ends of early phase (A), inter-
mediate phase (B), and late phase (C) for a low-permeability model (3.69
mD). An optimum condition for high kro seems to be low IFT and water-
wetness. This condition corresponds to a condition to favor kro according
to Table 12.3. Similarly, Fig. 12.53 presents the kro at different IFTs and
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Figure 12.51 Water saturation histories at different distances away from the fracture
during invasion and three periods of flowback in the DI water case (A) and the surfac-
tant case (B).
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Figure 12.52 kro at different IFT and oil-wetness at the end of early phase (A), intermediate phase (B), and late phase (C) for a low-
permeability model (3.69 mD).
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Figure 12.53 kro at different IFT and oil-wetness at the end of early phase (A), intermediate phase (B), and late phase (C) for a tight model
(500 nD).
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oil-wetness at the ends of early-phase (A), intermediate-phase (B), and late-
phase (C) for a tight model (500 nD). An optimum condition for high kro
appears to be low IFT with a wide range of wettability in the early phase,
oil-wetness with a wide range of IFT in the intermediate and late phases.
Probably the oil recovery is more related to the late-phase behavior. The
oil-wetness is an optimum condition for the tight model. This condition
corresponds to a condition to favor negative pc according to Table 12.3.
Apparently, this example indicates that a favorable kr condition is good for
a low-permeability water-wet formation; a favorable pc condition is good
for a tight water-wet formation.

12.9 Solutions to deal with flow back

According to the fundamental flow theory (the concept of relative
permeability), higher flow back will enhance oil and gas recovery, because
more water blocking is removed. Sometimes, a high oil or gas production
rate is observed when the flow back is low. That may be because trapped
water near fractures dissipates deep into the formation so that the blocking
near fractures is mitigated. In this situation, there may exist a complexity of
fracture networks to facilitate quick water dissipation. If a low oil or gas rate
is observed even though the flow back is high, the opposite situation may
exist where there is not a complexity of fracture networks. In the following
sections, several solutions are proposed or practiced to dealing with flow
back.

12.9.1 Avoid using trapping fluids
Flow back is to remove phase trapping. Ideally, use of trapping fluids should
be avoided. For example, use of water should be avoided in strong water-
wet formations. The problem is many shale and tight formations exhibit
mixed wettability, either oil or water can spontaneously imbibe into forma-
tions. More importantly, which fluid should be used depends on many fac-
tors in addition to the trapping issue, like economic and environmental
concerns. This solution, in most of cases, is not practical.

12.9.2 Early high drawdown
As the aqueous fluid is more significantly accumulated near fracture faces
similar to the capillary pressure end effect in core flood experiments, it causes
the blockage to oil and gas flow into the fractures. High pressure drawdown
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may help to remove such blockage. However, several factors need to be
considered: fine migration, fracture closure, etc. Water blockage is more
severe near the fracture face. To effectively remove this blockage, early
flow back should be practiced. Here it means that if you plan to perform
flow back, early flow back is preferred, because as time elapses, the water
may enter deep into the formation and then it will be more difficult to
flow back. You may argue that this deep dissipation may mitigate the water
blockage. This issue has been discussed earlier.

12.9.3 CO2 injection
CO2 dissolves in trapped water and reduces the gas-water interfacial tension.
Then the energized water will more easily flow out.

12.9.4 Solvent injection
Injection of a mutual solvent like methanol experienced success in gas res-
ervoirs. Heavier alcohols like isopropanol, butanol (Sharma and Sheng,
2017) are preferred for oil reservoirs.

12.9.5 Use of surfactants
Fig. 12.54 compares the water saturation profiles during flow back. In the
experiments, pentane was injected to displace the invaded water from the
other end of the core. For the left column, the invaded fluid was water
only. For the right column, different types of microemulsions were formed
in situ during invasion. First, during water invasion, the saturation in the
invaded zone was flat which represented the front saturation, For surfactant
solutions, the water saturation near the fracture face (end of core) was high
and declined to the front water saturation. Water blocking near the fracture
face will be more effective. The water saturations in this figure show that
water blocking will be more severe initially when surfactants are added.

In Fig. 12.55, the left column shows the average water saturations in the
corresponding cores presented in the earlier figure. Initially, the water
saturations with surfactants were higher than those without surfactants.
But during the flow back, the water saturations with surfactants quickly
declined to levels lower than those without surfactants. Among all three sur-
factant cases, the type-I microemulsion triggered the most flow back. Note
that the type II had a lower viscosity because the pentane oil viscosity was
about 0.24 cP that was lower than water viscosity, so that it is easier for
the type II solution fingered through the water phase, being less effective
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than the type I. Liang et al. (2017a) explained that the low efficiency of the
type II was not caused by the fact that water was dispersed in water-in-oil
microemulsion; rather it was easier for oil to bypass the type II microemul-
sion. However, such explanation is not supported by conventional reasoning
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Figure 12.54 Comparison of changes of water saturation profile during flow back and
hydrocarbon production among DI water and various surfactant cases (Liang et al.,
2017a).
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Figure 12.55 Comparison of changes of overall water saturations and the pressure
drop across the core during flow back and hydrocarbon production among DI water
and various surfactant cases (Liang et al., 2017a).
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that a type II microemulsion is oil external and should be able to be well dis-
placed by oil.

The right column of Fig. 12.55 compares the pressure drop for DI-water
and three types of microemulsions. For the type I, the pressure drop was
lower than that for DI-water, indicating the surfactant solution improved
the matrix permeability. For the type II, the pressure drop was lower in
the early time, but higher in the late time. For the type III, the pressure
drop continued declining but was higher than that for DI-water later for a
long time. These data show that the type I was most effective in improving
the matrix permeability, followed by the type II, and the worst is the type III.

Overall, laboratory experiments have shown that surfactants regained
more hydrocarbon permeability than fracturing water (Ahmadi et al.,
2011; Rostami and Nasr-El-Din, 2014; Sayed et al., 2018; Dong et al.,
2019).

12.9.6 Injection of dry gas
In principle, dry gas may be injected to vaporize liquid so that liquid phase
trapping may be mitigated. Care may be taken if the trapped brine is
concentrated with soluble ions. As the brine desiccates, the soluble ions
may be precipitated and plug the pores, especially where divalent concentra-
tions are high (Bennion et al., 1999).

This technique is proposed in gas condensate reservoirs in a huff-n-puff
process (Meng et al., 2015a,b). This technique also has the mechanism of
repressurization. However, it has not been reported in shale and tight reser-
voirs to remove water blockage, probably due to economic concern and
effectiveness.

12.9.7 Formation heating
Formation heating was proposed by Jamaluddin et al. (1995) to remove
water-based phase traps and water reactive clay-induced damage in gas res-
ervoirs. Hot gas is injected through the tubing. A zone of 2 m high and
1.5e2 m in the radial depth is treated. Temperatures over 500�C lead to su-
percritical extraction of trapped water and thermal decomposition and
desensitization of reactive clays.

Roychaudhuri et al. (2014) conducted forced imbibition experiments of
60 ppm surfactant solution into shale gas cores. The cores were saturated
with gas and confined by 2500 psi. Then the surfactant solution was injected
at one end with the other end closed. They found the imbibition rate of the
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deionized water or the surfactant solution was not higher, because the capil-
lary pressure might be marginal compared with the injection pressure and
the surfactant concentration was too low. But the flow back volume of
the surfactant solution was higher than the deionized water because the sur-
factant changed the rock from strongly water-wet to intermediate-wet.
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CHAPTER THIRTEEN

Air injection

Abstract

As air has its vast and free resources, it has its economic benefit. This chapter addresses
air injection in shale and tight reservoirs of light oils. In detail, this chapter addresses the
following special issues: (1) kinetic parameters; (2) oxidation reactions; (3) spontaneous
ignition; (4) thermal effect from low-temperature oxidation (5) oxygen consumption
rate in low-temperature oxidation; (6) minimum oil content for combustion; (7) air
requirement for combustion; (8) EOR mechanisms and EOR potential in shale and tight
reservoirs.

Keywords: Air injection; Air requirement; Combustion; Kinetic parameters; Low-
temperature oxidation (LTO); Minimum oil content; Oxidation reactions; Oxygen
consumption rate; Spontaneous ignition.

13.1 Introduction

As shale and tight formations have ultralow permeability, gas injection
has its advantage in terms of injectivity. Gas injection is a relatively effective
method to enhance shale and tight oil and condensate recovery. Natural gas
is short of supply as a clean energy in some countries like China. We may try
to avoid injecting natural gas to recover oil. CO2 injection needs building of
long pipelines, and thus it is expensive. Air has its vast and free resources. It
has its economic benefit. There exists light oil in most of shale and tight oil
reservoirs. This chapter addresses air injection in shale and tight reservoirs of
light oils.

Initially high-pressure air injection (HPAI) is designed for light oil
reservoirs to make use of high-pressure air energy not heat, while in-situ
combustion (ISC) is designed for heavy oil. Later air injection in some light
oil reservoirs is found to have thermal benefit, for example, in the North and
South Dakota portions of the Williston basin. Kumar et al. (2007) stated that
more than half of the cumulative oil production was contributed by the
thermal effects for the HPAI project in the West Buffalo Red River Unit.
As a result, air injection in light oil reservoirs has gained attention.
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This chapter addresses several special issues related to air injection in shale
and tight reservoirs:
(1) Kinetic parameters
(2) Oxidation reactions
(3) Spontaneous ignition
(4) Thermal effect from low-temperature oxidation (LTO)
(5) Oxygen consumption rate in low-temperature oxidation
(6) Minimum oil content for combustion
(7) Air requirement for combustion
(8) EOR mechanisms and EOR potential in shale and tight reservoirs

Before addressing these issues, fundamental laboratory measurements
about air injection are introduced.

13.2 Laboratory experimental facilities

To facilitate understanding of air injection, equipment and instruments
to study air injection are briefly introduced. They are thermogravimetry (TG)
and differential scanning calorimetry (DSC), and small batch reactor (SBR),
ramped temperature oxidation, combustion tube, and accelerating rate
calorimetry (ARC). Turta and Singhal (2001) listed laboratory tests needed
for air injection projects.

13.2.1 Thermogravimetry
In a thermogravimetric apparatus, a sample (oil) is put in a crucible which is
placed in a sample holder, as shown in Fig.13.1. The holder is heated by a
controllable heating program with a continuous gas flow. The gas could
be air, pure oxygen, or nitrogen. The gas called purging gas will contact
and displace the vapor phase of the sample and the remaining weight
of the sample is recorded at different temperatures. The experiment is
performed at atmospheric pressure. The experimental data are analyzed in
the method described in Section 13.3.1.

13.2.2 Differential scanning calorimetry
In a DSC apparatus, a sample (oil) is put in a container. An example
apparatus is shown in Fig.13.2. The sample is heated by a controllable
heating program (1e10�C/min) with a continuous gas flow. The gas could
be air, pure oxygen, or nitrogen. During the experiment, the heat flow
(watt per second) is recorded at different temperatures. The data on positive
deviation in heat flow from the crude-oil sample compared with a reference
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is collected. Two peaks are seen for crude oils, one for the LTO and the
other for high-temperature oxidation (HTO). The experiment is performed
at an atmospheric pressure. The experimental data are analyzed in the
method described in Section 13.3.2.

13.2.3 Small batch reactor
In a small batch reactor (SBR) experiment (Fig. 13.3), oil and loose sand are
mixed and placed in a steel container so that air can contact oil. In the
container, there is a free space to fill high-pressure air. During the experi-
ment, excess oil exists, and the oven or system temperature is kept constant.

Figure 13.1 An example of TGA apparatus and its sample crucible.

Figure 13.2 An example of a DSC apparatus.
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In other words, the experiment is under an isothermal condition. As a small
volume of gas is collected and the system pressure is high, the pressure drop
in the system pressure owing to this small volume withdrawal is considered
negligible (Zhang and Sheng, 2016). Owing to oxidation reaction, the
oxygen partial pressure is decreased. To analyze the pressure reduction
caused by the oxygen consumption, the data are recorded after a steady
decline in pressure. And the produced gas is collected, and the gas compo-
sitions are analyzed by a GC/MS instrument. The reaction rate is calculated
by the moles of oxygen consumed in a unit mass of oil within a time interval.
The oxygen partial pressure can be calculated from the air pressure multi-
plied by oxygen mole fraction. Such experiments are generally conducted
at low temperatures, and it is intended to study low-temperature oxidation
(LTO). The kinetic parameters like activation energy, preexponential
constant (frequency factor), and reaction order in terms of oxygen partial
pressure are obtained from such experiment, based on the Arrhenius type
of equation. Such experiments assume no significant heat generated in an
LTO process.

In such SBR tests, it is assumed that the produced volume is almost same
as the oxygen volume consumed so that the overall pressure is maintained.
Generally, the amount of carbon oxides produced during LTO reactions is
very small or negligible as compared to other LTO products (Adegbesan
et al., 1987; Khansari et al., 2014). This observation agrees with the
experimental results. Actually, a portion of oxygen is consumed in LTO
without producing carbon oxides, resulting in a decrease in the overall
pressure (Turta and Singhal, 2001). Ren et al. (1999) found that the pressure
reduction could also be due to the gas dissolution in the oil.

Figure 13.3 Schematic of the SBR experimental apparatus.
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In a Greaves et al.’s (2000) LTO experiment (120�C), the oxygen, CO2,
and CO concentrations were 2%, 8%, and 1.2% after 175 h of oxidation,
respectively. The experiment indicated that CO2 and CO were produced
in an LTO process. It is believed that 12% CO2 concentration in the
produced gas stream is a good indication of combustion (Montes et al.,
2010). A short time of pressure increased in Sarma et al.’s (2002) isothermal
aging ARC tests.

13.2.4 Ramped temperature oxidation (RTO)
A ramped temperature oxidation apparatus consists of two identical tubular
reactors mounted in a common heating block where both are simulta-
neously heated at a fixed rate. One is the active reactor packed with a
core saturated with oil and water, while the other one is the reference
reactor packed with a clean core only. Inert gas is flowed through the refer-
ence reactor, whereas an oxygen-containing gas is flowed through the active
reactor. The temperatures in the two reactors are compared to isolate
exothermic and endothermic events related to oxidation reactions. Apparent
atomic H/C ratio, apparent reacted oxygen/fuel ratio, and percentage of
reacted oxygen converted to carbon oxides from the active reactor are
reported (Moore et al., 1999).

Like TG or DSC tests, when the heating rate is higher than that caused
by oxidation reactions, an RTO test may not represent the oxidation
reactions that will occur in a reservoir (thermal hysteresis). This is because
when the heat generation rate in a reservoir is low, the subsequent higher
temperature oxidation may not be able to initiate because of the loss of
generated heat into overburden and underburden rocks.

13.2.5 Combustion tube test
The fundamental part of a combustion tube apparatus is the combustion
tube which is insulated and heated by a series of heaters. This is to reduce
the radial heat loss. However, the heaters should be adjusted so that they
do not drive the combustion. This is achieved by maintaining the temper-
ature in the middle of the test tube slightly higher than the wall temperature.
The tube is ignited at one end by using heaters. A combustion tube test (CT)
is designed to have artificial ignition; LTO is minimized; reaction kinetics
are not obtained from a combustion tube. The following data may be
obtained from a combustion tube test (Prasad and Slater, 1986):
• Atomic H/C ratio of the burned fuel
• Oxygen-fuel ratio
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• Oxygen-sand ratio
• Apparent fuel consumption
• Compositions of produced fluids
• Peak combustion temperature

13.2.6 Accelerating rate calorimeter (ARC)
Accelerating rate calorimeter (ARC) introduced in petroleum literature in
1991 (Yannimaras and Tiffin, 1995) is the only instrument to determine
kinetics parameters at high pressure. The basic principle of an ARC is to
maintain a sample of oil and rock in an adiabatic condition, during an
exothermic reaction period; the adiabatic condition is achieved by maintain-
ing the temperature of the sample container same as that of the system
outside the container. The ARC is first heated to a desired temperature
and held for some time for thermal equilibrium. Check whether the heating
rate is less than a preset rate (e.g., 0.02 �C/min). If it is, the ARC will
proceed to the preselected temperature step (5�C, e.g.,), following a
heat-wait-search (HWS) sequence, until a self-heat rate is greater than the
preset rate. By this time, the ARC is maintained at adiabatic conditions until
the experiment is completed, as shown in Fig. 13.4 (Townsend and Tou,
1980). The experimental data are presented as the log of exothermic
heat rate versus temperature. Kinetic parameters like activation energy,
preexponential factor, and order of reaction can be derived from ARC

Figure 13.4 Heat-wait-search process of an accelerating rate calorimeter (modified
from Townsend and Tou, 1980).
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experimental data, along with the starting temperature and the content of
exotherms. To reach adiabatic conditions, an oil sample is usually put in a
“close” ARC system. But a “flowing” type of ARC testing system is also
possible with the oil sample under a high air purge and at a quasiadiabatic
operation (Yannimaras and Tiffin, 1995). ARC is similar to DSC or TG
except that reactions can be performed at a high pressure in ARC.

13.3 Kinetic parameters

Oxidation reaction rates are described commonly using the Arrhenius
type of equation which includes several kinetic parameters: activation energy,
frequency factor and reaction order. These kinetic parameters are obtained
through thermogravimetry (TG) and Differential scanning calorimetry
(DSC), accelerating rate calorimeter (ARC), and small batch reactor (SBR).
Example methods to obtain kinetic parameters using TG and DSC are
presented next.

13.3.1 Thermogravimetric analysis (TGA)
Oxidation is a thermal decomposition process which needs kinetic parameters
to describe it. One of the classic methods is based on the Arrhenius method to
estimate the kinetic parameters from thermogravimetric tests or thermo-
gravimetric analysis (TGA) (Coats and Redfern, 1964). The time-derivative
thermogravimetric (DTG) data are readily available in TG equipment and
sometimes used together with TG data. A TG test is used to measure the
mass loss of a substance as the temperature is increased. It is described by
the following equation:

dmt

dt
¼ kf ðm;Co;.Þ (13.1)

where f(m,Co, .) is a function of the mass mt remaining at time t, oxidation
concentration, etc., k is the temperature-dependent rate constant, (m/t),
which is described by the Arrhenius equation:

k ¼ Ae
�
�

E
RT

�
(13.2)

where A is the preexponential or frequency factor, [t�1], (s�1). E is the
activation energy of the decomposition reaction, [L2/t2], (kJ/mol). R is the
universal gas constant, [L2/Tt2], (kJ/mol K). T is the absolute temperature,
[T], (K).
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The function f(m,Co, .) describes how the reaction (mass loss here)
depends on the available mass, oxygen concentration, etc. If the reaction
is not dependent on any of those parameters, the function is essentially
one. The reaction is zero-order. If the reaction depends on one of those
parameters, e.g., Cn

o , the function becomes a function of Cn
o which means

the nth order of reaction of Co. Make sure the units are consistent.
For the purpose of simplifying the explanation, it is assumed the reaction

order is zero. By combining Eqs. (13.1) and (13.2):

dmt

dt
¼ Ae

�
�

E
RT

�
(13.3)

For nonisothermal TG tests with a linear heating rate b ¼ dT
dt , Eq. (13.3)

can be written as

dmt

dT
¼ A

b
e
�
�

E
RT

�
(13.4)

Taking the logarithm of both sides of Eq. (13.4), it becomes

ln

�
dmt

dT

�
¼ ln

�
A
b

�
� E
RT

(13.5)

When y ¼ ln

�
dmt
dT

�
is plotted versus x ¼ 1

T for the experimental data, a

straight line is obtained that will have a slope of E/R and the intercept of
ln(A/b). The value of activation energy E and frequency factor A can be
obtained from the slope and the intercept of the linear fit line, respectively.
During a TG test, mass loss versus temperature is measured.

Note that as the temperature is increased, oil may be distilled, and the
mass will be lost under air or oxygen purge. In other words, the mass loss
is not totally by oxidation. Therefore, it is suggested the TG test under
nitrogen purge should be carried out as a base line. Fig. 13.5 is an example
of TG tests under air and nitrogen purge (Huang et al., 2016a). First, note
that the two curves under air and nitrogen purge were not two straight lines
in the whole temperature range as Eq. (13.5) suggests, indicating the
reactions were not zero order. The figure shows that the two oil mass curves
overlapped before 192�C, indicating a distillation-dominant process. After
192�C, oil weight sharply decreased. At around 348�C, weight remaining
for the oil sample under air purging was around 9% and 15% for nitrogen
purging. The difference of weight remaining at a particular temperature
was owing to oxidation reactions at low temperature stages. Some of the
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light components of crude oil were oxidized, causing a higher mass loss rate
(Fassihi et al., 1982). It was observed that between 348 and 413�C, the total
mass loss rate under air purge was slower than that under nitrogen purging;
and the oil was completed lost at 483�C under nitrogen purge and at 556�C
under air purging, respectively. Under nitrogen purging, the process was a
distillation and cracking process (nonoxidation). Under air purging, light
components of oil reacted with oxygen during a low temperature oxidation
stage and generated cokelike fuel during the fuel deposition stage. During
this stage, the oil mass loss rate was decreased. Finally in the high tempera-
ture range, the oil was fully burned out.

13.3.2 Differential scanning calorimetry (DSC)
Oxidation reaction with oil may generate heat. Differential scanning
calorimetry (DSC) is a technique to use the exothermicity and oxidation
behavior of crude oil to derive kinetic parameters. Following Eq. (13.1),
the released heat (enthalpy) Ht is substituted for mt, and the function f is
defined by H which stands for the enthalpy yet to be released and is equal
to Ho�Ht. Ho is the total released heat and is known at the end of the
DSC test. Then Eq. (13.1) becomes

dHt

dt
¼ Aexp

�
� E
RT

�
H (13.6)

Figure 13.5 Thermograms (TG curves) of comparative tests for nitrogen and air with oil
(heating rate ¼ 10�C/min).
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Taking the natural logarithmic form, the above equation becomes

ln

0
B@

dHt

dt
H

1
CA¼ ln A� E

RT
(13.7)

The value of the activation energy can be estimated from the slope after

plotting ln

0
B@
dHt

dt
H

1
CA versus 1/T, and the Arrhenius constant is the intercept of

the linear fit line (Huang et al., 2016b). Fig. 13.6 (Huang et al., 2016a) shows
the DSC curves for the same oil sample used to generate the TG curves in
Fig. 13.5. It shows that the heat released from nitrogen is negative, indicating
an endothermic distillation process. Before 293�C, an endothermic distilla-
tion process also occurred under oxygen purging. The first peak represented
the low-temperature oxidation (LTO), and the second peak represented the
high-temperature oxidation (HTO) (Bae, 1977). The range between the
LTO and HTO represented the fuel deposition process.

13.3.3 Practical values of kinetic parameters
When the analytical method using the Arrhenius type of equation is used to
estimate kinetic parameters, only approximately “overall average” values can
be obtained, as there are several temperature ranges with each range having

Figure 13.6 Thermograms (DSC curves) of comparative tests for nitrogen and air with
oil (heating rate ¼ 10�C/min).

410 Enhanced Oil Recovery in Shale and Tight Reservoirs



its own kinetic values (refer to Fig. 13.12 later). When the simulation
approach is used, initial values are needed. Then what initial values should
be used? More practically, a real field project cannot wait for experimental
data for the project evaluation; or experiments may never be performed for
practical reasons. In these situations, knowledge of practical values, or typical
values, of kinetic parameters is very helpful.

Huang and Sheng (2017a) did survey on the values of published kinetic
parameters for 22 crude oils with the API gravity from 11 to 44.3. Fig. 13.7
shows the distribution of activation energy data of these crude oils. The
mean values for LTO and HTO at the 50% cumulative probability are
33 kJ/mol and 107 kJ/mol, respectively. No relation between the API
gravity and the activation energy was found from the surveyed data, which
implies that the API gravity of the crude oil cannot be used as an
all-descriptive measure of the thermal behavior of crude oil (Bae, 1977).

The values of frequency factor in LTO and HTO from surveyed 11
crude oils are (0.1e105 s�1) and (104e109 s�1), respectively. The wide
ranges may be caused by the fact that the frequency factor is obtained
from the intercept of a straight line on the logarithmic axis which is very
sensitive to the straight line selected. The API gravity of the crude oil
does not have a relation with the frequency factor.
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Figure 13.7 Activation energy data of 22 crude oil samples in LTO and HTO.
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13.3.4 Exothermic and endothermic behavior
To define reaction schemes, exothermic and endothermic behavior needs to
be understood; their data can be obtained experimentally by differential
thermal analyzer (DTA), DSC, and accelerating rate calorimetry (ARC).
Several temperature regimes can be identified from thermal experiments:
low-temperature oxidation (LTO), fuel deposition (FD), and high-
temperature oxidation (HTO). It is observed that the API gravity of the
oil does not directly correlate with the temperature regions. Huang and
Sheng (2017a) found average reaction temperature regions for LTO and
HTO to be 149e364�C for the LTO and 415e542�C for the HTO
from 19 crude oils’ oxidation temperature regimes, as shown in Fig. 13.8
(Huang and Sheng, 2017a). The peak temperatures in LTO and HTO for
13 oils are presented in Fig. 13.9 which shows that the average peak temper-
atures are 320�C in LTO and 469�C in HTO, respectively. The first peak in
LTO was considered caused by liquid hydrocarbon combustion and the
second peak in HTO was considered caused by coke combustion (K€ok
et al., 1997). Coke is defined as the fraction insoluble in toluene. Generally,
the second exothermic peak has a much stronger heat generation than the
first peak. A lower exothermic peak indicates easier ignition. Thus,
exothermic peaks can be used as a method to screen the feasibility of air
injection. The data in these two figures were measured from almost the
same sources of crude oils.

Figure 13.8 LTO, FD, and HTO temperature regions for 19 crude oils.
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The heat release from reactions may be obtained from DSC tests. As a
quality check of measured heat data, the heat (enthalpies per unit mass of
fuel) from each reaction must be lower than the published value which is
for complete combustion. Table 13.1 lists the heating values of combustion
reactions (1 and 2) and oxidation reactions (3e7) in kcal/mol O2 or BTU/
ft3 air at 1 atmospheric and 25�C, with H2O produced in liquid state. The
values in this table show that the order of magnitude of the heat released by
the consumption of 1 mol of oxygen in the same type of reaction is indepen-
dent of the nature of the hydrocarbon molecule. The heat released for the
same type of reaction has almost the same value when it is presented in
kcal/mol O2 consumed or in BTU/standard cubic feet of air. From the
data in this table, it may be summarized that the heat released is approxi-
mately 105 kcal/mol O2 from complete combustion or partial oxidation
to carboxylic acid, 85e95 kcal/mol O2 for carbonyl compound formation,
70e90 kcal//mol O2 for hydroxyl compound formation, and 25e35 kcal/
mol O2 for peroxidation.

Figure 13.9 LTO and HTO exothermic temperature peaks for 13 crude oils.
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Table 13.1 Heating values of combustion and oxidation (Burger and Sahuquet, 1972).
# Type of reaction CH4 C2H6 C3H8 n-C4H10 n-C7H16 C6H12 C6H6 C6H5CH3

1 –CH2– Æ CO2 106.40 106.52 106.12 105.84 105.45 104.98 105.21 104.84

2 –CH2– Æ CO 96.77 95.01 93.63 92.76 91.54 89.83 85.17 85.48

3

——

—–CH3 Æ – C
O

OH

91.4 101.85 101.5 102.6 109.0 e e 106.4

4

——

—–CH3 Æ – C
O

H

78.7 87.8 92.6 90.55 88 e e 92.4

5 – CH2 Æ – C –
O

– –

e e 95.3 97.5 99 95.8 e e

6
– C – H Æ – C – OH

–
–

–
– 60.3 71.6 72.7 76.0 87 92.4 99 82

7
– C – H Æ – C – OOH

–
–

–
– 37.8 27.1 25.4 28.0
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Table 13.2 lists the heating values of some simple fuels. When a perfect
mixture of fuel and air, originally at 60�F (15.6�C) is ignited and then cooled
to 60�F (15.6�C), the total heat release is called the gross heating value of the
fuel. The gross heating value minus the heat released by the condensation of
the water vapor in the combustion products is called net heating value.

Burger and Sahuquet (1972) defined a general combustion reaction
(combined reactions 1 and 2 in Table 13.1):

CHxþ
�

2þ b

2ð1þ bÞ þ
x
4

�
O2/

1
1þ b

CO2 þ b

1þ b
COþ x

2
H2O (13.8)

In the above reaction, x is the atomic H/C ratio of the fuel and b is CO/
CO2 ratio in the exhaust gases. They also derived the gross calorific value of
a unit mass of burned fuel (H2O being condensed):

Q¼ 265;700þ 19;850b
ð1þ bÞð12þ xÞ þ 31;175x� 171;700

12þ x
cal=g (13.9)

or

Q0 ¼ 478;260þ 356;130b
ð1þ bÞð12þ xÞ þ 56;115x� 309;060

12þ x
BTU=lb (13.10)

The heat of reaction in terms of the oxidizer is:

Q*¼ 265:7þ 197:85b�
1þ b

2
þ x
4
ð1þ bÞ

�

þ 31:175x� 171:7
2þ b

2ð1þ bÞ þ
x
4

kcal=mol O2 or BTU
�
ft3air (13.11)

Table 13.2 Gross and net heating (calorific) values of simple fuels
(North America Mfg. Co. 1986).
Fuel Gross (kJ/g) Net (kJ/g)

Acetylene 50.014 48.309
Butane 49.593 49.771
Carbon 32.78 32.78
Carbon monoxide 10.11 10.11
Ethane 51.923 47.492
Hydrogen 142.11 120.08
Hydrogen sulfide 16.51 15.21
Methane 55.533 49.997
Octane 48.371 44.871
Propane 50.402 46.373
Sulfur 9.257 9.257
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The results from Eqs. (13.9) and (13.10) are presented in Fig. 13.10
and the results from Eq. (13.11) in Fig. 13.11. The gross heaving values
calculated from Eq. (13.10) for carbon and some hydrocarbons are presented
in Table 13.3, together with the experimental data from Perry et al. (1963).

The kinetic parameters can also be measured using ARC and SBR. ARC
is used to detect the self-heat rate of the crude oil, and it can maintain nearly
perfect adiabatic conditions through the test. During the test, once the self-
heat rate is detected, the time, temperature, and pressure data are recorded.
Then the thermal data and kinetic data can be derived. The advantage of the
ARC is that it can be applied at a very high-pressure condition (till 6000 psi).
An SBR has two sample holders, one is the reactor and the other is served as
the reference cell. The reactor is subjected to a heating schedule while air
is flown through. The heating is continued at the desired rate until the
termination is reached and then held at that temperature during the test.
During the test, the temperature profiles of both reactor and reference cell

Figure 13.10 Heat of combustion (cal/g and BTU/lb CHx) as a function of the H/C ratio x
of the fuel (in the horizontal axis) and the CO/CO2 ratio in the produced gases (Burger
and Sahuquet, 1972).
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are measured. By comparing these two profiles, the temperature intervals of
the exothermic and the endothermic process can be identified. Relevant
kinetic data can also be estimated through analyzing SBR data.

13.3.5 A simulation approach to estimate kinetic parameters
and heating values

Based on the Arrhenius equation, TG and DSC experimental data should
present a straight line with the slope proportional to the activation energy
and the intercept representing the frequency factor. However, actual
experimental data show straight lines in several temperature ranges, as shown
in Fig. 13.12 for one oil sample, because different reactions occur in different
temperature ranges. In practice, a straight line for the whole tested temper-
ature range is generated. Obviously, it is an approximation and it is assumed
a single reaction occurs. Sakthikumar et al. (1995) observed that the activa-
tion energy determined from ARC for LTO could not be used to forecast
core flood kinetics. To improve this method, a simulation approach was
proposed (Guitirrez et al., 2012) and extensively used by Huang and Sheng
(2017a,b,c). In a simulation model, it is possible to define several different
reactions in same temperature range, and/or define one reaction covering
a large temperature range depending on the values of kinetic parameters
(activation energy, frequency factor, and reaction enthalpy), as these kinetic
parameters control the reaction rates in different temperature ranges. Such
simulation model describes the reactions that actually happen in a reservoir.
The description of the reactions is achieved by using several sets of the
keywords of STOREAC to input stoichiometric coefficients of reacting
components, STOPROD to input stoichiometric coefficients of produced
components, EACT (activation energy), FREQFAC (frequency factor),
and RENTH (Reaction enthalpy) in CMG’s (2016) STARS, with one
set being for one reaction scheme. The activation energy gives the
dependence of reaction rate on grid block temperature. For chemical reac-
tions (e.g., combustion), it is positive, that is, the reaction rate increases with
increasing temperature; the reaction rate is independent of temperature
when EACT is zero. To avoid too low or too high reaction rates, two
keywords “RTEMLOWR” and “RTEMUPR” in CMG STARS are
used to set the two temperature limits. If the reaction temperature is lower
(higher) than the RTEMLOWR (RTEMUPR), the reaction rate is set to
the one calculated at the temperature RTEMLOWR (RTEMUPR).

Sometimes a modeled reaction has different rate responses at different
temperatures, in which case a plot of natural logarithmic of reaction rate
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versus 1/T will not be a straight line. However, sometimes this plot can be
approximated adequately by a series of joined straight lines, each with its
own temperature range and slope. This can be modeled with a table of E
versus T, where each temperature range uses the same model form as
*EACT. The keyword is EXCT_TAB in the form:

EACT_TAB reference temperature number

T1 E1

T2 E2

/

TN EN

fT Eg is a table of T versus activation energy E, Ei applies to Ti to Ti þ 1,
i ¼ 1 to N�1. The maximum N in STARS is 20. The temperature entries
must increase down the table by at least 0.01 degrees. In the following
example, the activation energy is 15,000 for the temperature from 150 to
200, 25,000 from 200 to 300, and 4000 from 600 to 700. The activation
energy is 15,000 when the temperate is lower than 150, and it is 20,000
when the temperature is higher than 700. In this entry table, the reference
temperature number is 3 (third row).

Figure 13.11 Heat of combustion (kcal/mol O2 or BTU/standard ft3 air) as a function of
the H/C ratio x of the fuel and the CO/CO2 ratio in the produced gases (Burger and
Sahuquet, 1972).
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*EACT_TAB 3

150 15000

200 25000

300 53500 **Reference activation energy

600 40000

700 20000

However, a reaction rate is defined by the activation energy and
frequency factor according to the Arrhenius equation. Using EACT_TAB
is not adequate to describe the variable reaction rates in different tempera-
ture ranges. Ideally, the EACT_TAB should add another column with
frequency factor values.

To reduce the nonuniqueness of model description, the pseudo-
components are defined using nitrogen purging experimental data which
are not affected by oxidation reactions. Other fluid properties, for example,

Table 13.3 Heat released by Reaction 8 for some typical fuels (25�C, 1 ATM,
H2O liquid).

Fuel H/C CO/CO2 Perry et al. (1963)
Burger and
Sahuquet, 1972

C graphite, solid 0 0 14,090 14,100
N 3,960 3,920

C6H5eC12H25

dodecybenzene, liquid
1.667 0 19,380 19,220

N 10,300 10,300
C10H18 cis-decaline, liquid 1.8 0 19,540 19,580

N 10,730 10,730
C20H40 leicosene, liquid 2 0 20,180 20,100

N 11,500 11,380
C6H12 cyclohexane, liquid 2 0 20,030 20,100

N 11,360 11,380
C20H42 neicosane, liquid 2.1 0 20,260 20,350

N 11,660 11,690
C4H10 butane, liquid/gas 2.5 0 21,110 21,340

N 12,750 12,920
C3H8 propane, liquid/gas 2.667 0 21,490 21,740

N 13,220 13,410
C2H6 ethane, gas 3 0 22,300 22,500

N 14,220 14,360
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equilibrium K-values, are tuned with some known data using a fluid
property model, for example, CMG’s WinProp.

The reaction schemes are proposed first based on the understanding of
most relevant reaction mechanisms. TG and DSC experimental data are
matched by the model prediction by adjusting the kinetic parameters
through the above-mentioned keywords. Thus, the kinetic parameters for
each reaction scheme are obtained. Note that in a practical simulation
model, several reactions are defined, and for each reaction, several kinetic
parameters are needed to define the reaction. Therefore, there are many
parameters to be used in a simulation model to match kinetic experiments.
It can be understood that the parameters obtained from the simulation
approach are not unique. The following section presents an example of
the simulation approach.

13.3.6 An example to build a kinetic simulation model
In this example, a step-by-step approach is presented to build a kinetic
simulation model, based on the work by Huang and Sheng (2017b, 2017c).

Step 1 model grids
To build a simulation model representing TG and DSC experiments, we can
use one-dimensional model (e.g., in the X direction) with the first block
representing the inlet point, and the last block representing the exit point
in an experiment. An injection well is in the first block, and a production
well in the last block. Between the injection well block and the production

Figure 13.12 DTG curve for an oil sample (Ni et al., 2014).
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well block, a minimum one block is needed, but several blocks should
be used. In this example, only one block is used. In the TG and DSC
experiments, liquid oil does not flow, and only gas or vapors are produced.
To simulate this fact, liquid oil relative permeability is set zero and the gas
relative permeability is set 1 as shown in Fig. 13.13.

Step 2 define pseudocomponents
A crude oil has many components. To reduce the computation burden,
several pseudocomponents are defined by lumping together some compo-
nents into one pseudocomponent. The pseudocomponents are defined
based on crude oil fractions, possible oxidation reactions, etc. In this
example, seven pseudocomponents are defined, and their properties are pre-
sented in Table 13.4.

To confirm the defined pseudocomponents, the simulation model must
be able to match the TG experiment under nitrogen purging. In the exper-
iment, no oxidation reaction occurs, and the oil loses weight by thermal
distillation. Fig. 13.14 shows the simulation model with seven pseudocom-
ponents matches the TG experiment.

Step 3 define parameters for oxidation reactions
To define reactions, TG and DSC experiments are reviewed. First, the TG
experiments under nitrogen purging and air purging at a heating rate of
10�C/min are compared in Fig. 13.15. It shows that before 215�C, the
nitrogen purging TG curve overlaps with the air purging TG curve,
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Figure 13.13 Oil and gas relative permeability curves used in the model.
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Table 13.4 Properties of the pseudocomponents.
Pseudocomponents Pcrit Tcrit MW Tb

kpa �C kg/gmol �C

C6-9 2735.77 324.85 0.121 277.9913
C10-13 2191.64 390.75 0.161 407.93
C14-16 1925.15 426.85 0.173 463.0484
C17-19 1656.67 476.05 0.237 571.73
C20-22 1455 509.75 0.275 641.93
C23-25 1090.27 584.55 0.372 802.13
C25þ 734.636 680.55 0.531 1018.13
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Figure 13.14 Simulation model matches the TG experiment under nitrogen purging.
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Figure 13.15 Nitrogen purging TG experiment, air purging TG experiment, and air
purging DSC experiment (heating rate ¼ 10�C/min).
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indicating that the distillation process dominates the mass loss of crude oil.
Fig. 13.16 also shows the air purging DSC curve of the crude oil. It can
be seen that the crude oil behaves endothermically due to the distillation
process before 215�C. After 215�C, the heat flow starts to increase with
the increase in temperature, indicating LTO reactions. The TG data from
215 to 350�C are analyzed by the Arrhenius method as described in Huang
et al. (2016a) and shown in Fig. 13.16. It shows that the LTO can be divided
into three reactions: LTO 1 (215e272�C), LTO 2 (272e308 C), and
NTC phase (308e350�C). NTC is abbreviation of negative temperature
coefficient, or negative temperature gradient (Moore et al., 1999). The
NTC region is associated with the generation of the oxidation inhibitors.
It occurs between the LTO reaction and the HTO reaction (Fassihi et al.,
1984). To achieve the spontaneous ignition, the reaction regime is shifted
from the LTO to the NTC and eventually reaches the HTO which is
known as the combustion reaction. Because of the existence of the NTC
region, the heat generation rate is decreased and became insufficient to
compete with the heat dissipation rate to the environment. Therefore, the
ignition fails to be achieved eventually. In other words, the NTC effect
can also be expressed as the lack of exothermic reactivity of the crude
oil samples. If the exothermic reactivity of the crude oil is sufficient to
overcome the NTC effect and be able to raise the temperature to the
HTO region, the ignition can still be achieved.

Figure 13.16 Arrhenius method to analyze TG test of the crude oil.
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Note that a negative activation energy value is obtained from the
experimental data in this temperature. Khansari et al. (2014) also obtained
negative activation energy values. The negative activation energies are not
physically realistic but suggest that there are competitive reactions occurring
within the system. There are intermediate compounds produced during the
earlier temperature ranges which are reactive, but they are consumed within
the later ranges (Khansari et al., 2014). Also note that the temperature ranges
are for the data used to define the reaction kinetic parameters, not the actual
reaction temperature ranges. An actual reaction may cover different temper-
ature ranges, depending on the available compositions, values of kinetic
parameters, and actual temperature history.

With the three reactions defined, the Arrhenius method is used to
analyze TG data. The corresponding activation energy values estimated
from the slope and the frequency factor values from the intercept are
presented in Table 13.5.

Fig. 13.17 shows the DSC data under air purging and nitrogen purging at
the heating rate of 10�C/min. It shows the whole process of nitrogen
purging is an endothermic process. For the air purging, it is endothermic
before about 290�C. Then the earlier defined LTO 1 is in the endothermic
stage. But an LTO process should be exothermic. Where does the heat go?
Huang and Sheng (2017c) proposed two explanations. One is that during
this marked LTO, the dominant mechanism is distillation. The heat from
LTO is used to satisfy the need for distillation. The other one is that there
are a number of incomplete oxidation gaseous products during this period
which are purged out from the sample holder before being totally oxidized
as reported by Fan et al. (2015). Zhao et al. (2012) also reported that light oil
components and carbon monoxide are detected by GC at the outlet of the
experimental setup. If the first explanation is valid, a better method is needed
to analyze the data. If the second explanation is valid, the DSC experimental
design needs to be improved. One way to improve such experiment is to use

Table 13.5 TGA kinetic data of the oxidation reactions.

Reaction

Temperature
range for the
data used, �C Slope Intercept

Activation
energy, kJ/gmol

Frequency
factor, sL1

LTO1 215e272�C �989 �0.119 18.93 7.60E-01
LTO2 272e308�C �1046 �0.019 20.02 9.57E-01
NTC 308e350�C 555 �2.774 �10.63 1.77E þ 04
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pure oxygen instead of air to reduce the emission of oxidized gas and vapor.
Another way is to use a large container to hold oxidized products.

Based on the above two explanations or assumptions, the actual enthalpy
from LTO is obtained from subtracting the negative enthalpy for the nitro-
gen purging from the enthalpy for the air purging. The resultant enthalpy is
represented by the solid (red) curve in Fig. 13.17. Based on the earlier
defined three LTO reactions, the enthalpies for LTO 1, LTO 2, and
NTC were estimated to be 844.1, 1209.2, and 3327.0 J/g, respectively.
These enthalpy values are obtained by integrating the heat flow over the
time taken for the corresponding temperature intervals (the heating rate is
10�C/min).

Step 4 define reaction scheme
Note that the previous step describes how the values of the parameters to
describe oxidation reactions are obtained. This step discusses how to define
reaction schemes briefly.

Since the experiments are conducted below 350�C, the reactions are
most likely low oxidation reactions. To define a detailed LTO reaction
scheme, we first investigate which pseudocomponents are dominant in
LTO reactions. Fig. 13.18 shows the cumulative gas production under
nitrogen purging from the simulation model. It is seen that pseudo-
components C6e9, C10e13, C14e16, and C17e19 are almost displaced
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Figure 13.17 Air/nitrogen purging DSC data and subtracted heat flow of oxidation
reactions (heating rate ¼ 10�C/min).
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by the purging gas in the distillation stage (before 215�C). Practically, only
C20e22, C23e25, and C25þ pseudocomponents are involved in LTO.

Generally, an LTO reaction is an oxygen-addition reaction, leading to a
heavy component. The lighter components C20e22 form the heavier
component C25þ and this reaction is assigned to LTO 1; the medium
components C23e25 also form the heavier components C25þ and the
reaction is assigned to LTO 2; the heavier component C25þ generates
coke and lighter hydroperoxides 1, 2, 3, and the reaction is assigned to the
NTC period. To simplify the model, these three hydroperoxides are treated
as the lighter pseudocomponents C10e13, C14e16, and C17e19,
respectively, and they take the physical properties of their counterparts.

Combining the results from the preceding steps, the final kinetic
reaction models can be summarized in Table 13.6. Note that the values
of frequency factor are changed, comparing this table with Table 13.5.
This is because, to validate the kinetic model using the air purging TG/
DSC experiments, it is found that the values of frequency factor need to
be adjusted. One justification for this adjustment is that Barzin et al.
(2013) found that the experimentally obtained value of frequency factor
is not exact in their ramped temperature tests. The final model well
matches the air purging TG test as shown in Fig. 13.19. That completes
the presentation of an example to build a kinetic model to simulate an
air injection experiment.
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13.4 Oxidation reactions

In this section, the terminologies and principles to define reaction
schemes are summarized, followed by the discussion of factors that affect
oxidation reaction.

13.4.1 Terminologies and principles to define reaction
scheme

Oxidation reactions between a crude oil and oxygen (air) are very complex.
They may be divided into LTO and HTO. Some authors add an interme-
diate temperature oxidation (e.g., Prasad and Slater, 1986) or medium
temperature oxidation (e.g., Turta and Singhal, 2001). LTO yields water
and partially oxygenated hydrocarbons such as carboxylic acids, aldehydes,

Table 13.6 Calibrated reaction scheme of air injection process.

Reactions

Activation
energy,
kJ/gmol

Frequency
factor, sL1 Enthalpy, J/g

Reaction
schemes

LTO1 18.93 2.40E-03 8.44E þ 02 C20-22 þ O2 ¼ C25þ
LTO2 20.02 2.80E-03 1.21E þ 03 C23-25 þ O2 ¼ C25þ
NTC �10.63 3.40E-04 3.33E þ 03 C25þ þ O2 ¼ HP1 þ

HP2 þ HP3 þ CO2 þ
H2O þ Coke
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Figure 13.19 Simulation model of seven pseudocomponents matches the air purging
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ketones, alcohols, and hydroperoxides (Burger and Sahuquet, 1972), with
negligible amount of carbon oxides (Khansari et al., 2014). In the interme-
diate temperature oxidation, because the temperature is increased by LTO,
distillation coupled with thermal cracking produces hydrogen gas and light
hydrocarbon gases. These gases react with oxygen, leaving heavy oil residue
on the solid matrix as fuel (Prasad and Slater, 1986). Combustion occurs in
HTO, with CO2 being generated in a complete combustion and CO being
generated in an incomplete combustion. HTO operates above 250e300�C
(Burger and Sahuquet, 1972) or 400e800�C (Khansari et al., 2014).

There are several other terms to describe oxidation reactions: pyrolysis,
fuel deposition (FD), thermal cracking (TC), and bond scission. Pyrolysis
refers to the modification of crude oil by thermal effects in the absence of
oxygen. Coke and gases are formed through pyrolysis of LTO components.
This region operates throughout the entire range of temperature but is
mostly found in the temperature range from about 350 to 450�C; it may
occur ahead of the LTO zone where the temperature is elevated, but oxygen
has been consumed (Khansari et al., 2014). Moore et al. (1992) reported that
coke formation occurred rapidly over the temperature range 200e300�C,
and coke yield was very dependent on the time that the oil remained
with this temperature region. At low temperatures, the pyrolysis is called
visbreaking or aquthermolysis in the presence of water; At high tempera-
tures, it is called thermal cracking; in the heavy oil, it is believed that fuel
is deposited in liquid and/or solid phase (coke) through pyrolysis, thus it
is called fuel deposition (FD) (Barzin et al., 2010). The fuel that actually
burns in forward in-situ combustion is not the crude oil in the reservoir.
Rather the fuel is primarily the carbon-rich residue resulting from thermal
cracking and distillation of the residual crude near the combustion front.
Naturally occurring coal, if present in the rock, also can contribute to
the fuel available for combustion (Prats, 1982). Aquathermolysis (hydrous
pyrolysis) produces additional carbon dioxide and hydrogen sulfide
(Khansari et al., 2014). In a bond scission reaction, oxygen breaks up the
hydrocarbon molecules to principally produce carbon dioxide and water
(combustion type, dominant in light oil 150e300�C but not in heavy oil
below 450�C (Moore et al., 2002) (350e700�C (Sarma et al., 2002))).
Bond scission reactions are associated with a cokelike fuel; but these reac-
tions could be homogeneous gas phase reactions or liquid phase reactions
(Barzin et al., 2010).

In a negative temperature coefficient (NTC) region, the reaction rate
decreases with increasing temperature. NTC is due to decomposition of
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alkylperoxy radical. It generally occurs in gas-phase reactions above
400e500�C. If it occurs in a liquid phase, the temperature will be higher
(Freitag, 2016). If a numerical simulation model of in-situ combustion is
valid over a broad range of operating conditions, it must incorporate a
reaction scheme capable of predicting the negative temperature gradient
region (decreasing oxygen uptake rates with increasing temperature)
(Moore et al., 1992).

Freitag (2016) found that the above defined reactions are not adequate to
describe the oxidation processes. Based on the chemistry of oil components
and reaction characteristics, he found that at least eight groups of
fundamental reactions are needed to define the oxidation rates of crude
oils and their pyrolysis products for in-situ combustion and high-pressure-
air-injection (APAI): two for hydroperoxide formation, one “branching”
by hydroperoxides, two governing NTC region, one for oxidation
inhibition, one rate-controlling reaction at very high temperature, and
one for the combustion of coke that is produced by pyrolysis.

Burger and Sahuquet (1972) defined the reactions in LTO and HTO,
and they provided the heat of reactions for HTO (complete and incomplete
combustion) based on the general reaction 8. Belgrave et al. (1993) assumed
asphaltene and coke were products of LTO; asphaltene, coke, and gas were
products of thermal cracking; and CO2 and water were the products of
HTO. Khansari et al. (2014) defined heavy oil LTO reactions in four
temperature subranges based on the reaction products.

Many different forms of reactions appear in the literature based on prod-
ucts of reactions (See Table 13.7). However, the reactivity of a given oil is
reservoir specific, and no screening guides have yet been published which
predict the oxidation characteristics of a specific reservoir. For a light oil,
reactivity is pressure-dependent, but not for a heavy oil (Moore et al.,
2002). The fundamental approach to define oxidation reactions is to define
less pseudocomponents, with kinetic parameters and heat released within
subranges of temperature measured from experiments like TG and DSC.
These variable parameters can be handled in a simulation model, and the
experiments are matched using the simulation approach.

13.4.2 Factors that affect oxidation reactions
It is easy to understand that the activity of crude oil dominates the oxidation
reactions and thus kinetic parameters. Many factors could affect the reactions
which are not fully understood. This section simply summarizes some of the
observations.
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Table 13.7 Summary of reaction schemes with kinetic data (Zhang and Sheng, 2017).

Oil Authors Reactions
Frequency
factor

Activation
energy Enthalpy

Oil
density

Btu/lbmole Btu/lbmole API

Bitumen Belgrave et al.
1993

LTO Maltenes þ O2 / Asphaltenes
Asphaltenes þ O2 / Coke

Cracking Maltenes / Aspaltenes
Asphaltenes / Coke
Asphaltenes / Gas

Heavy
oil

Lin et al. 1984 Cracking Heavy oil / 1.06
light oil þ 61 coke

4.00E þ 06 3.49E þ 04 4.00E þ 04 13

Combustion Light oil þ 19.35 O2 / 14.5
COx þ 13 H2O

1.00E þ 06 4.30E þ 04 4.06E þ 06

Heavy oil þ 87 O2 / 71 COx

þ 63.4 H2O
1.00E þ 06 4.30E þ 04 1.86E þ 07

Coke þ 1.03 O2 /
1.0 COx þ 0.25 H2O

1.00E þ 06 3.26E þ 04 2.35E þ 05

Druganova
et al. 2010

Cracking Heavy oil / Light oil þ Coke
Combustion Light oil þ O2 / Water þ

inert gas þ energy
Heavy þ O2 /Water þ inert
gas þ energy

Coke þ O2 /Water þ
inert gas þ energy

Mercado Sierra
and Trevisan
2014

Cracking HO / 1.81 LO þ 19.35 Coke 6.95E þ 03 1.10E þ 05 0.00E þ 00
Combustion HO þ 47.01 O2 / 16.64

H2O þ 38.69 CO2

5.03E þ 08 2.58E þ 05 1.57E þ 07

LO þ 12.97 O2 / 4.59
H2O þ 10.68 CO2

5.03E þ 08 2.58E þ 05 6.77E þ 07

Coke þ 1.12 O2 / 0.43
H2O þ 0.93 CO2

6.95E þ 00 1.09E þ 05 1.22E þ 06

Cracking C21eC30 / C5eC20 þ coke 1.39E þ 15 4.87E þ 05 0.00E þ 00

430
Enhanced

O
ilRecovery

in
Shale

and
Tight

Reservoirs



Rodriguez et al.
2012

LTO C5eC20 þ O2 / C21eC30 2.24E þ 05 1.88E þ 04 1.58E þ 06
C21eC30 þ O2 / Coke 4.86E þ 01 1.68E þ 05 6.05E þ 06

Combustion Coke þ O2 /
CO2 þ H2O

5.41E þ 05 7.91E þ 04 1.31E þ 06

Medium
oil

Lin et al. 1984 Cracking Heavy oil / 3.65 light oil þ
10 coke

3.32E þ 20 1.44E þ 05 4.00E þ 04 26.5

Combustion Light oil þ 13 O2 / 10 COx þ
9.6 H2O

7.25E þ 11 7.68E þ 04 2.97E þ 06

Heavy oil þ 59 O2 / 48 COx þ
43.5 H2O

7.25E þ 10 7.68E þ 04 1.28E þ 07

Coke þ 1.15 O2 / 1.0 COx þ
0.5 H2O

1.00E þ 06 3.26E þ 04 2.25E þ 05

Kumar 1987 Cracking HO / LO þ Coke 1.73E þ 12 7.29E þ 04 26
LO / Coke 2.10E þ 09 6.45E þ 04

Combustion HO þ O2 / COx þ H20 3.02E þ 10 5.95E þ 04
LO þ O2 / COx þ H20 3.02E þ 10 5.95E þ 04
Coke þ O2 / COx þ H20 4.17E þ 04 2.52E þ 04

Light
oil

Tingas 2000 Cracking C21 þ/ CH4 þ Coke 2.10E þ 05 2.50E þ 04 0.00E þ 00 40.2
C10eC20 / CH4 þ Coke 2.00E þ 05 2.70E þ 04 0.00E þ 00

Combustion C21 þ O2 / H2O þ CO þ
Energy

3.02E þ 10 1.35E þ 04 1.03E þ 04

C11eC20 þ O2 /
H2O þ CO þ Energy

3.02E þ 10 1.55E þ 04 4.92E þ 03

C6eC9 þ O2 /
H2O þ CO þ Energy

3.02E þ 10 1.55E þ 04 2.42E þ 03

C2eC5 þ O2 /
H2O þ CO þ Energy

3.02E þ 10 1.50E þ 04 1.46E þ 03

Coke þ O2 /
H2O þ CO2 þ Energy

3.00E þ 05 5.50E þ 03 4.61E þ 02

CH4 þ O2 / H2O þ
CO2 þ Energy

3.02E þ 10 5.95E þ 04 5.03E þ 02

(Continued)
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Table 13.7 Summary of reaction schemes with kinetic data (Zhang and Sheng, 2017).dcont'd

Oil Authors Reactions
Frequency
factor

Activation
energy Enthalpy

Oil
density

Btu/lbmole Btu/lbmole API

CO þ O2 / CO2 þ Energy 1.50E þ 05 3.25E þ 03 2.84E þ 05
Fassihi et al.
2000

Cracking C12eC17 / Coke þ C7eC11 3.35E þ 10 7.74E þ 04 32.7
C18 þ/ Coke þ C7eC11 3.35E þ 10 7.74E þ 04

Combustion C7eC11 þ O2 / CO2 þ H2O 4.00E þ 10 4.86E þ 04
C12eC17 þ O2 / CO2 þ H2O 4.00E þ 10 4.86E þ 04
C18 þ þ O2 / CO2 þ H2O 4.00E þ 10 4.86E þ 04
Coke þ O2 / CO2 þ H2O 1.00E þ 08 1.50E þ 04

de Zwart et al.
2008

Heavy oil
cracking

C27 / Coke þ C7eC15 36

Combustion C7eC15 þ O2 /
H2O þ COx þ heat

C16eC26 þ O2 /
H2O þ COx þ heat

Coke þ O2 / H2O þ COx þ heat
van Batenburg
et al. 2010

Heavy oil
cracking

C26 / C7eC15 þ Coke

Combustion C16eC25 þ O2 /
H2O þ COx þ heat

C26p þ O2 / H2O þ COx þ heat
Coke þ O2 / H2O þ COx þ heat

Barzin 2013 LTO MO þ O2 / Asp 7.60E þ 04 1.77E þ 05 2.00E þ 05 39.7
Cracking Asp / LO þ HO þ Coke 1.00E þ 05 2.33E þ 05 0.00E þ 00
Combustion LO þ O2 / CO2 þ H2O 4.40E þ 06 5.35E þ 04 9.30E þ 06

MO þ O2 / CO2 þ H2O 1.70E þ 08 8.37E þ 04 1.67E þ 07
HO þ O2 / CO2 þ H2O 7.00E þ 02 1.00E þ 05 2.79E þ 07
Coke þ O2 / CO2 þ H2O 1.30E þ 06 1.77E þ 05 2.00E þ 05

432
Enhanced

O
ilRecovery

in
Shale

and
Tight

Reservoirs



13.4.2.1 Pressure effect
It has been observed that as the system pressure is increased, the reaction rate
is increased, more heat is released, and the reactions move to lower temper-
atures (Bae, 1977; Yoshiki and Phillips, 1985; Nickle et al., 1987; Li et al.,
2006). It is believed that higher pressure extends to the flammable limits of
distilled hydrocarbon vapor (Li et al., 2006). Fan et al. (2015) even reported
that the total amount of heat resulted from LTO reactions of oil had a linear
relationship with oxygen partial pressure, as shown in Fig. 13.20. This is
not a surprised result, as the higher pressure leads to higher oxygen
concentration, and the reaction is a function of oxygen concentration.
For this reason, ideally, we should conduct pressurized differential scanning
calorimeter (PDSC) tests, instead of DSC tests, to obtain kinetic parameters.
PDSC tests need to be performed using accelerating rate calorimeter (ARC).
However, such pressure effect can be considered by using a reaction model
which is nonzero order in terms of oxygen concentration or oxygen partial

Figure 13.20 Total amount of heat generated in heavy oil LTO versus oxygen partial
pressure (Fan et al., 2015).
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pressure, and DSC tests should serve the purpose. In addition, the linear
relationship shown in Fig. 13.20 may not be extended to very high partial
pressures, probably up to several hundred of kPa for liquid oil, even much
lower for gas phase (Freitag and Verkoczy, 2005). If extended to a very
high partial pressure, the heat released will be unrealistically high.

Bae (1977) and Li et al. (2006) observed that the pressure effect is more
enhanced in LTO. However, Yoshiki and Phillips (1985) and K€ok and
Gundogar (2010) observed that increased pressure did not affect the activa-
tion energy in LTO but in HTO (K€ok and Gundogar, 2010). Burger and
Sahuquet (1972) found that the reaction order of oxygen partial pressure
for forward combustion should be less than one by comparing experimental
data with simulation data.

13.4.2.2 Catalytic effect of additives
It has been observed that clay minerals can have catalytic effect by reducing
activation energy for both LTO and HTO (Vossoughi et al., 1983; K€ok,
2006; 2012; Sarma and Das, 2009; Huang et al., 2016a), while Jia et al.
(2012a) observed slightly increased activation energy in LTO. The clays
include kaolinite, smectite, illite, chlorite, and shale cuttings which have
clays, with smectite having the strongest catalytic effect (Jia et al., 2012b).
Pu et al. (2015) observed that adding metallic CuCl2 reduced activation en-
ergy in LTO and HTO. Burger and Sahuquet (1972) claimed that metallic
derivatives of copper, iron, nickel, vanadium, etc. reduced activation energy
and formed more coke. Huang and Sheng (2017a) surveyed 25 cases on the
effect of additives and found that the activation energy values were 26 and
73 kJ/mol for LTO and HTO, respectively, as shown in Fig. 13.21.
Compared with those (33and 107 kJ/mol for LTO and HTO, respectively)
in Fig. 13.7, they are lower, but the activation energy for LTO is not
significantly lower. More fuel is available in the presence of clay for
oxidation reactions. This may be caused by adsorption of hydrocarbons
on the clay surface and, hence, low distillation and pyrolysis in porous media
(Fassihi et al., 1984).

13.4.2.3 Gas phase versus oil phase
The gas phase has significant amount of vaporized light hydrocarbons with
two to six carbon atoms which are aliphatic, and it has much less antioxidants
(oxidation inhibitors); the oxygen diffusion into a gas phase is much faster
than into a liquid phase; therefore, the vaporized hydrocarbons will oxidize
much more quickly (Freitag, 2016).
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13.4.2.4 Light oil versus heavy oil
A heavy oil has more heavy components. A light oil has larger amount of
light aliphatic hydrocarbons which vaporize into injected air. Thus, a light
oil has less oxidation inhibitors like aromatics; and oxidation can more
rapidly proceed in the gas phase for a light oil. As a result, a lower temper-
ature peek for a light oil usually occurs earlier than a heavy oil. Because a
light oil does not have significant coke to form by pyrolysis, the temperature
cannot reach high in a light oil reservoir. Thus, generally LTO occurs in
light oil reservoirs.

A heavy oil has more heavy components that are aromatic in nature.
Aromatic-based oxidation inhibitors become ineffective near or above
180�C. Thus, as LTO increases the reservoir temperature above 220�C,
the aromatic, resin, and asphaltene fractions in a heavy oil enter a new
kinetically controlled regime (Freitag and Verkoczy, 2005). Above this
temperature, the peroxides that form from aromatic compounds (ROOR)
begin to participate in branching and cease to inhibit oxidation. As the
temperature is further increased, more coke is formed by pyrolysis. More
fuel leads to high combustion temperature (HTO) (Freitag, 2016).

13.5 Spontaneous ignition

Spontaneous ignition (autoignition) occurs when the temperature is
raised to a fire point by self-heating (due to exothermic internal reactions).
At the fire point, the vapor produced by a given fuel continue to burn for at

Figure 13.21 Activation energy of 25 crude oil samples with additives.
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least 5 seconds after ignition by an open flame. The flash point is lower than
the fire point. At the flash point, the vapor burns briefly, but may not sustain.

During LTO, heat may be released. And oxidation reaction rates increase
almost exponentially with temperature, whereas the heat loss rate increases
linearly; it is feasible for the LTO reaction to achieve the spontaneous igni-
tion (Gray, 2016).

If spontaneous ignition can occur in reservoirs, the following advantages
may be realized:
1. The air injection project will be much more economic.
2. The sweep efficiency of air injection will be more uniform because spon-

taneous ignition leads to combustion, consuming oxygen, reducing air
(oxygen) fingering.
Ignition is fundamentally important for air injection, as many failures in

field projects were caused by the failure of ignition (Turta, 2013). Under-
standing of spontaneous ignition and the resulting thermal effect will aid
in designing and optimizing air injection projects so that the advantages of
spontaneous ignition and the thermal effects are fully taken of. Therefore,
it is important to study spontaneous ignition.

In this section, the field and laboratory observations are reviewed, and
simulation results are discussed in terms of the feasibility of spontaneous igni-
tion. Spontaneous ignition is a result of heat accumulation. In other words, it
takes some time for spontaneous ignition to occur. Therefore, to discuss the
feasibility of spontaneous ignition, ignition delay is discussed.

13.5.1 Field observations
Evidences of in-situ combustion from cores and production performance
were observed in the air injection project in the light oil reservoirs in the
North and South Dakota portions of the Williston Basin. These fields had
permeability less than 20 mD, porosity 11%e19%, and oil viscosity less
than 2 cP. The CO2 content in some of production wells exceeded 12%;
a thin-section photomicrograph showed a high content of halite indicating
a high temperature experienced by the rock; the core showed a very low oil
saturation (4%) and some parts were absent of hydrocarbons (black spots)
(Gutierrez et al., 2008). More than half of the cumulative oil production
could be attributed to thermal effects in the Red River zone inWest Buffalo
(Kumar et al., 2007). Production data showed flat gas-oil ratio (GOR)
compared with exponential increase in GOR for the wells without thermal
effect (Gutierrez et al., 2009). As earlier as in 1956, spontaneous ignition was
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observed in the South Belridge field, California; the entire injection well-
bore temperature exceeded 538�C after 3 months of air injection (Gates
and Ramey, 1958). The oil viscosity was 2700 cP in the reservoir. In the pi-
lot test in the Holt Sand Unit, the reservoir temperature was increased from
200to 230�C (Fassihi et al., 2016). In 25 of the surveyed air injection pro-
jects, 5 projects had the evidence of spontaneous ignition (Chu, 1982).

However, Niu et al. (2011) proposed that the possibility of spontaneous
ignition was low; the thermal effect was minimum in light oil reservoirs, and
the air injection was considered immiscible flue gas injection. Greaves et al.
(1999) also believed that LTO, rather than in-situ combustion, prevailed in
air injection in light oil reservoirs; the important task was to study whether
the oxygen consumption rate was high enough so that the safety require-
ment could be ensured.

13.5.2 Laboratory observations
From their combustion tube tests, Montes et al. (2010) observed that the
GOR was maintained flat, indicating that the combustion front could miti-
gate gas viscous fingering, and the sweep efficiency was improved. Barzin
et al. (2010) conducted a series of ramped temperature oxidation tests for
light hydrocarbon oil and observed that when the temperature reached
about 180�C, the system suddenly increased about 60�C, indicating that
spontaneous ignition occurred through light oil oxidation.

However, Christopher (1995), and Yannimaras and Tiffin (1995) con-
ducted ARC tests using dozens of light oils and found that only 20% of
the oil samples had continuous exothermic behavior, and the rest of the
oil samples did not show the potential of spontaneous ignition.

Abu-Khamsin et al. (2001) conducted 22 air injection flooding tests us-
ing packed-bed reactors. They found that the maximum temperature in-
crease was about 10�C, indicating spontaneous ignition could not occur.
They interpreted that the LTO-generated heat was lower than the heat
loss. Jia et al. (2012a) conducted air flooding tests using their developed
apparatus and real cores to detect heat effect. Their system temperature
was maintained at a constant, and the reactor was wrapped using insulating
tapes to reduced heat loss. The core temperature was only increased from 80
to 89�C within 22.2 days of experiments. They also attributed such low
temperature increase to heat loss through metal thermocouples.

Clara et al. (2000) measured the temperature variation when air flowed
through their Handil cores under adiabatic conditions. Although the
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temperature was able to increase from 134 to 400�C spontaneously, it could
not increase from 92 to 134�C through oxidation; artificial heating was
needed, indicating spontaneous ignition could not occur through LTO
when the initial core temperature was 92�C or lower.

Huang et al. (2016a, 2016b), and Huang and Sheng (2017c) studied the
exothermic behavior of Wolfcamp shale oil using DSC. They found that the
oil exhibited exothermic behavior only after the temperature was heated
above 300�C. But this high temperature may be caused by the thermal hys-
teresis owing to the high heating rate (5e15�C/min) in the experiments.

The above reviews (both field and laboratory) indicate that there is no
conclusion whether spontaneous ignition can occur in real oil reservoirs.
Whether spontaneous ignition can occur or not depends on the balance be-
tween heat generation and heat release. If the heat generation is faster than
the heat release, a local temperature can reach an ignition point, and spon-
taneous ignition may occur. In a reservoir, it is believed that heat release is
pressed (adiabatic condition), spontaneous ignition may happen. Turta and
Singhal (2001) mentioned that spontaneous ignition could occur in reser-
voirs as low as 30�C. However, spontaneous ignition does not occur in
ventilated asphalt (of high activity component) roads, because heat cannot
be accumulated (A. K. Singhal, personal communication in 2015). A real
reservoir is not adiabatic, but heat load imposed by many of laboratory setups
is much higher than what a reaction zone would experience in the field. Just
looking at the heat capacity of the apparatus, and the small reaction volume
for many of the setups, it is essentially impossible to duplicate the heat loss
environment of an oxidation zone operating in the field. That is why it is
difficult to duplicate ignition temperatures in the laboratory (Gordon
Moore, personal communication on Oct. 20, 2015). Therefore, compared
with laboratory conditions, a reservoir condition is relatively “adiabatic”
(Malcolm Greaves, personal communication on Oct. 27, 2015); and it is
difficult to achieve ignition in the laboratory.

13.5.3 Simulation studies
To study spontaneous ignition experimentally in laboratory, there are two
limitations. (1) Spontaneous ignition is induced by thermal energy accumu-
lation from the LTO reactions; but LTO reactions are slow. Thus, it may
take an unrealistically long time to reach a high temperature for ignition.
(2) A good adiabatic condition may not be able to satisfy. These limitations
may be overcome by a simulation approach. In principle, a simulation model
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can history-match TG/DSC experiments with limited experimental time
and heat loss. Using this history-matched model, slow reactions and
adiabatic conditions can be simulated, and the feasibility of spontaneous
ignition may be studied. A laboratory-scale model may be upscaled to a field
model so that spontaneous ignition in field can be studied.

Huang and Sheng (2018) built a 1D laboratory-scale base model of grids
of 36 � 1 � 1. The total grid block size was set at 5.08, 9.94, and 9.94 cm in
the x, y, z directions, respectively. Air is injected at block (36 1 1) and the
production end is at block (1 1 1). The main reservoir properties and thermal
properties were taken from Belgrave et al. (1993), presented in Table 13.8.
The kinetic parameters and the reaction scheme which contains three reac-
tions with 11 components are from Huang and Sheng (2017c), as presented
in Table 13.6. In the base laboratory-scale model, the over/underburden
volumetric heat capacity of 2.350 J/(cm3$�C) and thermal conductivity of
formation adjacent to the reservoir of 1.038 J/(cm$min$�C) are used.

Fig. 13.22 shows the temperature profiles at grids (6 1 1), (18 1 1), and
(35 1 1) in the base case model and the adiabatic case (Huang and Sheng,
2018). The temperature increase from the original reservoir temperature
of 100�C is around 10�C in the base case and around 25�C in the adiabatic
case due to LTO reactions. Such temperature increases are close to those
reported by Jia et al. (2012a) and Abu-Khamsin et al. (2001). Such low
temperature may not lead to spontaneous ignition. Note that in the adiabatic
case, the temperatures near the production end (blocks (18 1 1) and (6 1 1))
maintain at the peak temperatures because of no heat loss, while the

Table 13.8 Reservoir and thermal parameters used in the lab scale
simulation model.
Parameter Value

Reference depth (cm) 0
Porosity (dimensionless) 0.41
Horizontal permeability (mD) 12,700
kv/kh (dimensionless) 1
Oil saturation (dimensionless) 0.882
Reference pressure (kPa) 4100
Original reservoir temperature (�C) 100
Rock volumetric heat capacity (J/(cm3$�C)) 2.35
Rock thermal conductivity (J/(cm$min$�C)) 1
Water thermal conductivity (J/(cm$min$�C)) 0.36
Oil thermal conductivity (J/(cm$min$�C)) 0.077
Gas thermal conductivity (J/(cm$min$�C)) 0.083
Temperature of injected gas (�C) 100
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temperature at the injection end (block (35 1 1)) decreases because sweeping
air takes heat away.

Huang and Sheng (2018) used the base model having heat loss consid-
ered to have done sensitivity analyses. The cumulative oils produced from
air injection and nitrogen injection are compared and found they are similar,
indicating that thermal effect is not significant; increasing the frequency
factor or reducing the activation energy can only increase the peak temper-
ature near the injector by 5e8�C; injection of pure oxygen leads a peak
temperature near the injector to 38�C increase; doubling the enthalpy
due to higher injection pressure increases the peak temperature near
the injector by less than 20�C. All these results indicate that a very high
temperature cannot be achieved, and thus spontaneous ignition cannot
occur, if the heat loss exists. Such sensitivity analyses should have been
extended to the adiabatic case to see whether spontaneous ignition is
possible under the adiabatic condition.

Huang and Sheng (2018) also used a field model to investigate the spon-
taneous ignition and thermal effect. The field model is a modified version of
Tingas’s (2000) model. The thermal properties are same as those presented in
Table 13.8. The field model shows that the temperature increase in the
middle layer is about 20�C, higher than 10�C in the above base laboratory
model and lower than 20�C in the adiabatic laboratory model. The result

Figure 13.22 Temperature profiles for the base case and the adiabatic case.
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does show that heat loss is reduced in the reservoir. However, with such low
temperature increase, spontaneous ignition cannot occur in the reservoir.

Huang and Sheng (2018) also used the field model to have done sensi-
tivity analyses, similarly to what is done for the base laboratory model. They
found that the cumulative oils produced from air injection and nitrogen
injection are similar; the peak temperature near the injector is less than
150�C (the original reservoir temperature 99�C) by increasing the frequency
factor, reducing the activation energy causes, injection of pure oxygen, or
increasing the enthalpy. All these results indicate that spontaneous ignition
cannot occur in the reservoir under low-temperature oxidation reactions.

13.5.4 Delay time of spontaneous ignition
Spontaneous ignition occurs as the heat from oxidation reactions is accumu-
lated so that the temperature is increased to reach an ignition temperature.
An analytical solution for the ignition delay time in days was proposed by
Tadema and Wiejdema (1970) and then modified by Hou et al. (2011):

tSI ¼
�ð1� fÞrrCr þ fSorgroCo þ fSwcrwCw þ fð1� Sorg � SwcÞrgCg
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(13.12)

In the above equation, f is the effective porosity; rr , rw , ro are the
average densities of reservoir rock, water, and oil, respectively, kg/m3; Tr

is the reservoir initial temperature, K; TSI is the spontaneous ignition
temperature, K; Cr , Co, Cw, Cg are the heat capacities of reservoir rock,
oil, water, and gas, respectively, kJ/(kg$�C); Sorg and Swc are the residual
oil saturation under gas drive and connate water saturation, respectively; E
is the activation energy of the oxidation reaction, J/mol; pO2 is the partial
pressure of oxygen, kPa; A is the frequency factor, day�1$kPa�n; R is the
universal gas constant which equals to 8.3147 J/(mol$K); n is the reaction
order; and QO2 is the enthalpy of the corresponding reaction, kJ/m

3. Using
the above analytical equation, examples of calculated time delay in ignition
are shown in Fig. 13.23.

The above equation is derived based on the balance between the heat
generated by a low-temperature oxygen-addition reaction QO2 $pO2$ A$
expð� E=RTÞ$dt and the heat required Cf$ rf $dT to increase the reservoir
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system temperature from Tr to TSI, with the subscript f here representing the
formation system.

Spontaneous ignition may be expected when the reservoir temperature is
higher than 60e70�C (Turta, 2013). If the delay of spontaneous ignition is
practically too long, artificial ignition needs to be considered. Artificial igni-
tion includes electrical heating, injection of steam, injection of chemicals like
linseed oil (Turta, 2013) and benzene (Gjini et al., 1999). Linseed oil can
start ignition at 33�C. But our tests in laboratory did not experience a
very low ignition temperature when linseed oil was used somehow. It might
have caused a significant heat loss in the tests. S. Ren (October 5, 2017, per-
sonal communication) also found the ignition temperature was still high
(250e300�C) when linseed oil was used.

It can be understood that there is also a delay in artificial ignition. It may
not be too important to know exactly ignition delay for spontaneous igni-
tion. But it is important for artificial ignition because extension of ignition
expenditure is expensive.

Figure 13.23 Calculated time delay in ignition as a function of temperature at various
air injection pressure (Dietz, 1970).
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13.5.5 Prediction of spontaneous ignition using the Frank-
Kamenestskii method

The heat balance equation is

lV2T þQAðcoÞe� E
RT ¼ 0 (13.13)

In the above equation, the first term describes the heat loss to the
surrounding in the unit of enthalpy per unit volume of the system (J/m3),
where l is the thermal conductivity of the system (W/(m$K)); and T is
the system temperature, K. The second term describes the heat generation,
enthalpy per unit volume (J/m3), where Q is the heat of reaction per unit
mass of the fuel, J/mole; A(co) represents the chemical reaction rate mole/
(m3$s) (the unit of QA(co) should be J/(m3$s)); E is the activation energy
of the reaction, J/mole; R is the universal gas constant, 8.314 J/(mole$K).
The product of Q $AðcoÞ$expð� E=RTÞ is the reaction rate per unit
volume, similar to that described by the Arrhenius equation. The above
equation describes the heat balance that the heat loss is equal to the heat
generated from a reaction.

To convert the above equation into a dimensionless form, the dimen-
sionless parameter d is defined as

d ¼ QEAðcoÞL2e

�
� E

RTa

�

lRT 2
a

(13.14)

where L is the characteristic length of the system, with one-half of the
smallest dimension of the body being commonly used, m; Ta is the ambient
temperature. At some value of d, spontaneous ignition occurs. This value is
called the critical value dc. Table 13.9 lists some dc corresponding to some
geometries.

At a critical condition, the above equation can be written as

ln

 
dcT 2

a;c

L2

!
¼ ln



QEAðcoÞ

lR

�
� E
RTa;c

(13.15)

Based on the above equation, a plot of ln
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�
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1
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(critical ambient temperature) will be a straight line with slope

of �E/R and intercept ln



QEAðcoÞ

lR

�
.
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This method can be used to obtain activation energy when the critical
temperature and critical size are measured from the experimental work.
On the other hand, this method can also be used as a scaling law to predict
the critical ambient temperature for large-scale bodies from small laboratory
samples, where L is considered as the argument in the above equation. Or
the equation can be used to estimate the critical size L for a certain geometry
dc at a fixed critical ambient temperature Ta;c . When doing so, parameters
such as reaction rate, activation energy, and heat of the reaction need to
be provided. They can be provided by TGA and DSC experiments. Specif-
ically, the TGA is used to obtain kinetic parameters for crude oil oxidation
reactions based on the Arrhenius method, and the DSC is used for estimating
the heat of reaction. The feasibility of this method is investigated below.

Consider an oil reservoir of the geometry of an infinite slab. The critical
dimensionless parameter, dc, is 0.878 according to Table 13.9. According to
Huang and Sheng (2017a), typical kinetic data for the activation energy E
vary from 20 to 70 kJ/mol (median 33 kJ/mol), and the typical values for
the frequency factor A from 0.1 s�1 to 105 s�1 (median 50,000 s�1)
for LTO. According to Zhang and Sheng (2017), the enthalpy values Q
for LTO are from 20 to 3635 kJ/mol. Earlier in Table 13.6, the enthalpy
values are 844 and 1210 J/g. If the molecular weight is 200 g/mole, the
enthalpy values are 168.8 and 242 kJ/mol, respectively. An average of
200 kJ/mol may be taken. The value of formation thermal conductivity l
used in Green and Willhite (1998) is about 2.6 J/(s$m$K). The oil density
of 850 kg/m3 is taken. The reservoir temperature Ta is assumed to be
80�C. These average values or the base case values are listed in Table 13.10.
Using these values, the calculated critical reservoir thickness to lead to
spontaneous ignition is 0.00,073 m. This indicates that spontaneous ignition
is ready to achieve in the reservoir.

Table 13.9 dc values for some geometries (Gray, 2016).
Geometry Dimensions dc

Infinite plane slab Width 2L 0.878
Rectangular box Sides 2L, 2r, 2m;

L < r, m
0.873 (1 þ L2/12 þ L2/m2)

Cube Side 2L 2.52
Infinite cylinder Radius L 2.00
Equicylinder Height 2L, radius L 2.76
Sphere Radius L 3.32
Infinite square rod Side 2L 1.70
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In Abu-Khamsin et al.’s (2001) experiments, the maximum temperature
increase was about 10�C, indicating spontaneous ignition could not occur.
The Frank-Kamenestskii’s method is used to check whether spontaneous
ignition could occur. In their experiments, radial packed reactor was used.
So dc is 2 according to Table 13.9. Other required data were not reported
in their paper. Using the base values of other parameters above, the critical
length L is estimated to be 0.001 m, indicating spontaneous ignition could
occur. This mismatch between the theory and the experiment could be
caused by incorrect parameter values used. They reported that the failure
of spontaneous ignition could be caused by excessive heat loss by sweeping
gas or running out of LTO fuel. To simulate an excess heat loss, the thermal
conductivity l is increased by 10,000 times, then the estimated critical length
is 0.1 m which is several times the diameter of the sand pack. This analysis
shows that the failure was not caused only by heat loss.

Similarly, Jia et al.’s (2012a) experiments are also analyzed using the
Frank-Kamenestskii method. In their experiments, a cylinder-shaped core
was used. dc was 2. The activation energy of 26 kJ/mol was reported by
Jia et al. (2012a). For the rest of the other parameter values, the base values
above are used. When the thermal conductivity l is increased by 1000 times,
the critical length is 0.1 m. The above two examples and the base case all
show that it should be easy to achieve spontaneous ignition. However,
the reality did not show that. It seems that the Frank-Kamenestkii method
may not predict the reality. Now we conduct a sensitivity study of each
parameter in the Frank-Kamenestskii method.

The kinetic parameters E and A, thermal conductivity l, and the
enthalpy Q are studied about their sensitivity on the critical characteristic
length Lc at which spontaneous ignition occurs. The reservoir is assumed
to be an infinite slab (dc is 0.878) and its temperature is 80�C. The results
are presented in Table 13.11. The minimum and maximum values of E of
20,000 and 70,000 J/mole, respectively, are tested. Even when the
maximum E is used, Lc is 0.28 m, indicating that spontaneous ignition can
readily occur. For the rest of three parameters, their base values are increased
or decreased by 10 times. The results show that Lc hardly changes and it is

Table 13.10 Average (base) parameters used in the Frank-Kamenestskii method.
dc A r MW l Q E Ta

Dimensionless 1/s kg/m3 g/mole W/(m$K) J/mole J/mole �C
0.878 50,000 850 200 2.6 200,000 33,000 80
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close to 0.0002 m. Interestingly, it is believed in the literature that because
heat loss is so significant spontaneous ignition is difficult to occur in labora-
tory conditions. However, when l is increased from 0.26 to 26 W/(m$K)
by 100 times, Lc is only increased 10 times; and more importantly, Lc is
0.0023 m (very small), indicating that spontaneous ignition can occur at
such high thermal conductivity (heat loss)! This is not in line with what
has been believed. The exothermic thermal energy used in the
Frank-Kamenestskii method is from a DSC test and it is calculated within
a temperature range for an LTO reaction. The method assumes that the
thermal energy can accumulate and raise the in-situ temperature to
complete the whole reaction. In other words, there is a difference among
the thermal energy derived from DSC and that used in the Frank-
Kamenestskii method. In addition, the Frank-Kamenestskii method assumes
that the oxygen and reactants are sufficient for the exothermic reaction to
take place. Whether the Frank-Kamenestskii method can be used to predict
the occurrence of spontaneous ignition is a question.

13.5.6 Thermal effect in low-temperature oxidation
When spontaneous ignition cannot occur, or combustion cannot be main-
tained, what can occur in reservoirs is low-temperature oxidation (LTO)
during air injection. In addition to thermal effect caused by heat release
from LTO reactions, LTO is an oxygen addition reaction. Products are
water and partially oxygenated hydrocarbons such as carboxylic acids, alde-
hydes, ketones, alcohols, and hydroperoxides (Burger and Sahuquet, 1972),
so that the oil viscosity is increased. How can LTO improve oil recovery? To
answer this question, Huang et al. (2018) conducted a series of isothermal
core flooding tests at different temperatures. Details are presented next.

Table 13.11 Critical lengths at different values of each parameter.
E A l Q Lc

J/mole 1/s W/(m$K) J/mole m
33,000 50,000 2.6 200,000 0.0007
20,000 0.0001
70,000 0.28

5,000.0 0.002
500,000 0.0002

0.26 0.0002
26 0.0023

20,000 0.0002
2,000,000 0.0002
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13.5.7 Experimental
A Berea sandstone core of 5.308 cm length and 3.874 cm diameter was used.
The porosity was 19.01% and the nitrogen permeability was about 200 mD.
This core plug was repeatedly used for tests at different temperatures and for
gas and nitrogen. After each test, the core was cleaned by a Soxhlet extractor
for the next test. Wolfcamp crude oil was used. The density of this crude oil
is 0.83 g/cc (38.98 API) and the viscosity of this crude oil is 3.66 cP at 25�C
and at atmospheric pressure.

The core was saturated by oil and air or nitrogen was injected at 840 psi
at the inlet and the back pressure at the outlet was 800 psi. For both nitrogen
and air injection tests, isothermal tests were conducted under 80, 100, and
120�C, respectively.

13.5.8 Results and discussion
Fig. 13.24 shows the recovery factors of isothermal air injection tests under
80, 100, and 120�C, respectively (Huang et al., 2018). Their ultimate
recovery factors after 8 pore volume injection were 63.4%, 70%, and
74%, respectively. The incremental oil recovery factor from 80 to 100�C
was 6.6% for 20�C increase in temperature, while the incremental oil
recovery factor from 100 to 120�C was 4%. If the thermal effect is
important, it is expected that the recovery increase from 80 to 100�C would
be lower than that from 100 to 120�C, because the heat loss is smaller when
the temperature is increased and the thermal effect due to LTO would be
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Figure 13.24 Recovery performance of isothermal air injection tests at 80, 100, and
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more significant. The experimental data did not show this expectation. The
increase in recovery factor as the temperature is increased is due to the
decrease in oil viscosity as the temperature is increased. The oil viscosity
was decreased from 2.7 to 1.1 cP as the temperature was increased from
80 to 120�C.

Fig. 13.25 compares the oil recovery from nitrogen injection and air
injection at 80�C. It is seen that the recovery from nitrogen injection was
higher than that from air injection. Such result was also observed when
live oil was used. In other words, the difference in oil recovery between
nitrogen injection and air injection was not caused by the difference of
gas dissolution of different gases. The difference is probably caused by the
fact that part of the oxygen was consumed. The consumption of oxygen
resulted in less air that actually flooded oil.

During gas injection (either nitrogen or air), gas pushes the oil ahead of it
to the producer. Some oil remains behind the displacement front. After
some PV (e.g., 8 PV) of nitrogen is injected first so that no more oil is
produced, air injection is injected. Then oxidation reactions may occur
between the air and the oil remaining from nitrogen injection. If the
oxidation can significantly improve oil recovery, incremental oil over nitro-
gen injection will be recovered. Fig. 13.26 shows such experimental results
at 80, 100 and 120�C. At any temperature, when air is injected after 8 PV of
nitrogen, no more oil was recovered. Therefore, the LTO thermal effect was
not observed under the laboratory conditions where heat loss deemed more
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Figure 13.26 Alternate gas injection tests.

Air injection 449



significant than in a reservoir. Similarly, after 8 PV of air injection, nitrogen
was injected. Fig. 13.26 shows that no more oil was recovered from
additional nitrogen injection (Huang et al., 2018), which is expected. At
120�C, it seems that a little more oil was recovered. This more oil was
probably experimental error.

13.5.9 Numerical analysis
The LTO effect in the above experiments was further analyzed by numerical
simulation. A simulation model was built using the thermal simulator CMG-
STARS. The kinetic data and kinetic model for the Wolfcamp oil in the
LTO stage were obtained and developed in Huang et al. (2016a) and Huang
and Sheng (2017c). 1D Cartesian grids of 5 � 1 � 1 were used to represent
the core plug. The main reservoir properties of the model are listed in
Table 13.12. The inlet and outlet were located at blocks (5 1 1) and
(1 1 1), respectively. The gas-liquid K-values in the phase behavior model
were obtained through the CMG-WinProp PVT module. This model
successfully matched the air injection test at 80�C.

The insignificant thermal effect in the experiments was suspected to be
caused by heat loss. To verify this hypothesis, the performance of two
laboratory scale models is compared. One model is the history-matched
model with heat loss parameters presented in Table 13.12. The other one
is at the adiabatic condition under which no conductive heat loss is consid-
ered between over/underburden strata. The simulation results are shown in
Fig. 13.27 (Huang et al., 2018). It shows the reservoir average temperatures
for the models with and without heat loss almost overlap each other; both

Table 13.12 Main parameters used in the laboratory-scale simulation model.
Porosity (dimensionless) 0.19

Horizontal permeability (mD) 200
kv/kh (dimensionless) 1
Oil saturation (dimensionless) 0.998
Reference pressure (kPa) 5800
Original reservoir temperature (�C) 80
Rock volumetric heat capacity (J/(cm3$�C)) 2.35
Rock thermal conductivity (J/(cm$min$�C)) 1
Water thermal conductivity (J/(cm$min$�C)) 0.36
Oil thermal conductivity (J/(cm$min$�C)) 0.077
Gas thermal conductivity (J/(cm$min$�C)) 0.083
Temperature of injected gas (�C) 80
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models do not show the temperature increase (almost invisible); but lower
activation energy (20 kJ/mol) and a higher frequency factor (105 s�1) resulted
in 25�C increase. During the isothermal experiments discussed in the preced-
ing section, it was observed that there was a 1e2�C difference in the
measured temperatures or no difference with and without adiabatic materials
used. These simulation results and experimental observations seem to indicate
that the absence of thermal effect was not caused by the heat loss in laboratory
conditions, but rather attributed to the lack of crude oil exothermic activity
(e.g., high activation energy and low frequency factor).
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13.6 Oxygen consumption rate in low-temperature
oxidation

The preceding section shows that during LTO the oil recovery factor
is very close to that from nitrogen injection. It means the combustion cannot
occur or maintained, so that thermal effect from LTO is not significant.
Then practically, air injection is similar to flue gas injection in terms of oil
recovery. However, for air injection, a significant amount of air remaining
at the production well will pose a safety issue. Therefore, oxygen consump-
tion rate in LTO is discussed in this section.

The oxygen consumption during LTO was studied by SBR (small batch
reactor), oxidation tube, and slim tube tests (Ren et al., 1999; Clara et al.,
2000; Niu et al., 2011; Zhang and Sheng, 2016). The oxygen reaction rate
can be calculated based on the mass balance. Ren et al. (1999) performed
the SBR experiments using North Sea oil and found that less than 3% of
oxygen was measured after the SBR test under 120�C with 120 h of reaction
time. The reaction rate ranges from 8.92E-6 gmol O2/(hr$cm

3 sand) to 9.1E-
6 gmol O2/(hr$cm

3 sand). Chen et al. (2013) used the Changqing oil in
China in the SBR test and reported that the oxygen concentration decreased
from 21% to 1% under 140�C for 108 h of reaction; and a test at 170�C only
took 6 h to reduce the oxygen concentration from 21% to 0.2%. However,
we did SBR tests, the oxygen concentration was 17.85%, 13.75%, and 5.51%
at 100, 120, and 140�C, and by 138, 129, and 134 h, respectively. Ren et al.
(1999) performed the oxidation tube tests to study the oxygen consumption
by LTO, and they reported that the produced oxygen concentration was less
than 2% under the 120�C oxidation tube experiments. Niu et al. (2011)
conducted the slim tube experiments with the Zhongyuan oil in China,
and they reported that when the temperature was higher than 100�C, the
produced oxygen concentration was less than 2%. We also did core flooding
tests and observed that the oxygen concentrations were 17%e19% at 100 and
120�C after 3 h of flooding. To prevent the potential fire and explosion
hazards in a production well, the oxygen concentration should be lower
than 10% (Kuchta. 1985; Ji et al., 2008; Liao et al., 2018). Based on the
experience, the oxygen concentration can be as high as 5% in the production
well (Hou et al., 2010).
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13.7 Minimum oil content for combustion

If spontaneous ignition can occur or artificial ignition is executed,
in situ combustion will occur. To maintain this combustion, minimum oil
content Womin is required. According to the energy balance over a unit vol-
ume near the combustion front (Kharrat and Vossoughi, 1985):

Womin¼ Sofro ¼
rbCbDTf

DH
(13.16)

where

rbCb¼ð1� fÞrsCs þ frgCg

DTf is the front temperature minus room temperature from a combus-
tion tube test, DH is the heat value of crude from a DSC test, f is the
porosity, r is the density, C is the specific heat, S is the saturation, and
the subscripts b, o, g, and s are bulk, oil, gas, and solid, respectively. rbCb

may be obtained from Perry et al. (1963). Kharrat and Vossoughi (1985)
calculated Womin for three reservoir cases, 0.0465, 0.0511, and 0.604 g/
cm3, the average being 0.0527 g/cm3. For a shale reservoir, if we assume
other parameters are the same as those examples, and if the oil density is
0.85 g/cm3, and the porosity is 0.08, then So must be higher than 0.77 to
meet this minimum oil requirement. This example calculation indicates
that it is difficult to meet the oil requirement in shale reservoirs. As a result,
combustion cannot be maintained, even if it is initiated. However, Fassihi
and Kovscek (2017) reported a lower range for fuel concentration
(0.016e0.04 g/cm3).

It was found from experiments using heavy oils and field observations
that fuel consumed in an in-situ combustion process usually falls within
200e300 barrels per acre-ft of formation burned (Nelson and McNeil,
1961). This number is translated to 2.6%e3.9% porosity, if the oil is
completely burned. This number is also converted to 1.6e2.4 lb/ft3 which
is in the high side of the data presented by Showalter (1963). Probably 5%
e10% the oil in place is burned in an in-situ combustion project
(Hughes and Sarma, 2006).

13.8 Air requirement in combustion

A combustion front can advance only when both air and fuel are
available. Air requirement is closely related to available fuel. And a minimum
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air requirement is related to minimum fuel required to maintain the
combustion. Barzin et al. (2010) reported that the air requirement for typi-
cally high gravity oil is 173 m3 (STC)/m3; Martin et al. (1958) reported
135 m3 (STC)/m3. But several times of these numbers were reported in field
projects.

13.9 EOR mechanisms and EOR potential in shale and
tight reservoirs

Fassihi and Kovscek (2017) listed these mechanisms of air injection in
light oil reservoirs:
(1) stripping and vaporizing light oil components by generated CO2;
(2) sweeping oil by combustion gases and possible miscibility effects;
(3) oil banking and improved sweep;
(4) pressurization and voidage replacement;
(5) reducing oil viscosity due to increased temperature.

These mechanisms are all related to combustion. However, whether
combustion, especially by spontaneous ignition, in light oil reservoirs can
occur or sustain is still a question. In high-temperature combustion, pressure
is maintained. But in LTO, pressure is reduced as oxygen consumed is
greater than carbon dioxide release (Turta and Singhal, 2001). In Zhang
and Sheng’s (2016) small batch reactor experiments, both the oxygen partial
pressure and the total pressure decreased with time (see Fig. 13.28). There-
fore, the pressurization (the above mechanism 4) from air injection during
LTO is not more effective from nitrogen or flue gas injection.

Figure 13.28 Total system pressure and oxygen pressure in an isothermal (124�C) SBR
experiment.

454 Enhanced Oil Recovery in Shale and Tight Reservoirs



Generally, in an LTO process, the temperature increase may not be high,
and the viscosity reduction will not be high. And LTO-generated oxygen-
ated compounds such as carboxylic acids, aldehydes, ketones, alcohols, and
hydroperoxides (Burger and Sahuquet, 1972) will increase oil viscosity.
Thus, the above mechanism 5 may not be feasible. Other mechanisms
(the above mechanisms 1e3) from air injection may not outperform a
nonoxidation gas process like nitrogen or flue gas injection. Such opinions
are supported by Huang et al. (2018) experiments to study the thermal effect
in LTO process (see the above Section 13.6 for details).

To have significant benefits from air injection over nonoxidation gas
injection, combustion must be able to occur. In a shale and tight formation,
even when a combustion process is initiated, sustaining the combustion
process requires the availability of minimum fuel and the injectivity of air
requirement. To ease the low-permeability problem with shale and tight
reservoirs, huff-n-puff air injection was evaluated (Jia and Sheng, 2018).
The simulation results show that about 10% oil can be recovered within
20 years. However, it is assumed that combustion can occur in the model.

Jia and Sheng (2017) discussed the favorable and unfavorable conditions
of air injection in shale reservoirs. Although shale and tight reservoirs have
the disadvantage of low injectivity, and the low-porosity matrix may result
in the difficulty to increase oxidation temperature and in the increase of heat
loss, the fine-grade matrix provides a high surface area that can promote
crude oil oxidation in porous media. A high specific surface area can
make the exothermal temperature range shift to a lower temperature range
(Drici and Vossoughi, 1985). A rich content of clays in shale rocks have a
catalytic effect on crude oil oxidation. Jia et al. (2012b) found that smectite
was ranked first, illite was ranked second, and chlorite and kaolinite were
ranked third in their catalytic ability for crude oil oxidation.

Oils in shale and tight reservoirs are more likely light oils. Freitag (2016)
stated that the aromatics act as the main sources for the oxidation inhibitors
during the LTO reaction process. Hence, the difference on exothermic
behavior for heavy oil and light oil can be explained based on their different
compositions. As the heavy oil contains more aromatic components and the
light oil contains more aliphatic contents, therefore, the light oil tends
to present more intense exothermic activity in the LTO region than the
heavy oil.

The EOR potential of air injection in shale and tight reservoirs cannot be
defined, until EOR mechanisms are well understood and quantified.
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CHAPTER FOURTEEN

Other enhanced oil recovery
methods

Abstract

This chapter briefly presents other enhanced oil recovery (EOR) efforts. The efforts
include using sequential method of huff-n-puff gas injection and spontaneous imbibi-
tion, chemical blends, air foam drive, branched fractures, zipper fracture, refracturing,
diversion technology in fracturing, energized fluids, thermal recovery, and microbial
EOR.

Keywords: Air foam; Microbial EOR; Branched fractures; Chemical blend; Diversion
technology; Energized fluids; Refracturing; Thermal recovery; Zipper fracture.

14.1 Introduction

In addition to the enhanced oil recovery (EOR) methods described in
the preceding chapters, additional efforts were made to enhance oil recovery
from shale and tight reservoirs. This chapter briefly presents those efforts.
The efforts include using sequential method of huff-n-puff gas injection
and spontaneous imbibition, chemical blends, air foam drive, branched
fractures, zipper fracture, refracturing, diversion technology in fracturing,
energized fluids, thermal recovery, and microbial EOR.

14.2 Sequential method of huff-n-puff CO2 injection
and surfactant-assisted spontaneous imbibition

As we have seen in earlier chapters, huff-n-puff gas injection can
improve oil recovery, but the oil production rate will decline with injection
cycle; at later cycles, the process may lose economic advantages. During this
late time, water may be injected to activate spontaneous imbibition with
surfactants added in the water which is called surfactant-assisted spontaneous
imbibition (SASI). Zhang et al. (2018) first conducted huff-n-puff CO2

injection followed by SASI using sidewall cores. Fig. 14.1 shows the recov-
ery factors (RF) from huff-n-puff CO2 injection and surfactant-assisted
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spontaneous imbibition (SASI) from four cores. Depending on the injection
pressure and number of cycles, the four different cores had different RFs
with Core 1 not having a huff-n-puff part. The figure indicates that the
RFs from huff-n-puff could reach 50% (Core 4); although different amount
of oil was recovered from different huff-n-puff experiments on four cores,
the RFs from SASI were almost same from the four cores (top parts), close
to 10%. Therefore, a good practice may be that huff-n-puff gas injection is
performed first; after not much oil can be recovered any more, switch to the
imbibition process.

14.3 Chemical blends

Mohanty et al. (2017) designed and evaluated a chemical blend to
enhance oil recovery. The blend consisted of an anionic surfactant
(0.1e1 wt.%), an organic solvent (1e10 wt.%), and an oxidizing agent (a
weak acid, 0.1e1 wt.%). About 0.1 wt.% clay stabilizer and 0.1 wt.% scale
inhibitor were also added. The surfactant lowered the interfacial tension
(IFT) and increased water-wetness. The organic solvent solubilized oil
and heavy organic components such as asphaltenes, and it cleaned the
flow path. The oxidizing agent oxidized some of the kerogen, and a byprod-
uct of oxidation acted as a weak acid which dissolved a part of calcite. Those
chemicals were not reported in their paper.

Eagle Ford shale samples rich in calcite (>50 wt.%) were used in labora-
tory tests. The agent reacted with calcite in the shale. The calcite dissolution
by the pure oxidizing agent was higher than the blend solution, even though

Figure 14.1 Recovery factors from huff-n-puff CO2 injection and surfactant-assisted
spontaneous imbibition (SASI) (Zhang et al., 2018).
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the amount of oxidizing agent was the same in the two solutions. Probably,
the adsorption of anionic surfactant in the blend solution retarded the calcite
dissolution. The dissolution resulted in permeability increase from 54 to
78 mD on the average from three tests. The permeability increase was owing
to the microfractures generated or widened on the big fracture surface. The
dissolution did not weaken the rock hardness, while HCl decreased the
hardness from 200 to 70 MPa, as HCl dissolved more calcite than the blend.
The softening of rock might cause mud generation and proppant embed-
ment. However, the dissolution decreased the fracture conductivity by
30%e60%, because the continued flow of the blend solution made the
proppant packing tighter. Fortunately, fracture conductivity is generally
not the limiting resistance to production; the resistance in the matrix dom-
inates the flow. The solution having the oxidizing agent alone could not
produce oil. With just the oxidizing agent in brine, there was some calcite
dissolution, but no oil was released by aging a shale core (spontaneous imbi-
bition). In a combination of the organic solvent and the oxidizing agent, the
oxidizing agent reacted with the shale and dissolved some calcite. But no oil
was produced from the shale.

The organic solvent solubilized oil and oil residues like asphaltene. The
spontaneous imbibition type of experiments showed that for a solution of
organic solvent alone, only organic solvent floated at the top of the solution,
but no oil was produced from the shale. There was no interaction between
the organic solvent and the shale.

When the anionic surfactant and oxidizing agent were mixed, there was
some wettability alteration, but the calcite dissolution became smaller than
the case with oxidizing agent alone, because the surfactant covered some
of the calcite.

When the anionic surfactant and organic solvent were mixed, the wetta-
bility was altered, but no oil was released in spontaneous imbibition.

When these three components were mixed, the wettability was altered,
oil was released, and the calcite was dissolved.

Field trials were performed in several Eagle Ford wells in South Texas.
Individual chemicals in 2% NaCl brine were used as a preload to mitigate
frac hit. The preload volume of 3000 e 20,000 bbls were pumped at a
rate of 2e5 bbls/min, followed by an average shut-in time of 2e5 weeks.
A dozen of treated wells showed strong well performance. The incremental
cumulative oil and water production were 20,000 bbls and 12,000 bbls,
respectively, with 60% of injected water returned in a period of 8 months
after 5 weeks of soak. Note that the laboratory tests showed that the
shut-in time of 2 days was enough.
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Miller et al. (2018) did a similar study of chemical blends in clay-quartz
rich (75 wt.%) shale cores. The chemical blends consisted of 0.1e1.0 wt.%
anionic surfactant (Calfax), 0.1e1.0 wt.% oxidizing agent (persulfate salt),
and 1.0e10.0 wt.% D-Limonene. Chemical blends with sulfate ions delayed
the weak acid-carbonate reaction, which permits the acid to reach deep
matrix. The blends also increased the shale surface roughness, and the frac-
ture conductivity was reduced minimally.

The performance of the chemical blends summarized above, together
with the results of the combinations of surfactants reported by Zeng et al.
(2018), show that surfactant blends had better performance, especially in
terms of oil recovery, than a single surfactant by synergy.

14.4 Air foam drive

If there are fractures connecting an injector and a producer, injected
gas will break through quickly for gas flooding. Some operators reported
that even for a huff-n-puff gas injection, gas broke through neighboring
wells. In other words, even in shale or tight reservoirs, sometimes we
need to deal with a sweep efficiency issue. In conventional reservoirs, one
method to deal with the issue is to use foam. Not much work has been
reported in the literature on this issue for shale and tight reservoirs. One
paper that is close to the subject is the one presented by Singh and Mohanty
(2015). In that paper, they reported using foam with wettability alteration
capabilities for a carbonate core (vuggy, oil-wet, Silurian dolomite). The
core permeability was 792 mD and the porosity was 17.7%, though. The
surfactants used were alkyl propoxy sulfate (APS) that had low interfacial
tension (IFT), wettability alteration and weak foaming, and alpha-olefin
sulfonate (AOS) that had good foaming capacity but no wettability alter-
ation; two zwitterionic foam boosters, lauryl betaine, and cocoamidopropyl
betaine, were also added. After secondary water floods, surfactant solutions
were coinjected with methane gas at a fixed foam quality. Spontaneous
imbibition experiments and contact angle measurements showed that
AOS could act as a wettability-altering surfactant in the presence of sodium
carbonate, but not alone. A blend of zwitterionic surfactant and AOS was
not observed to play a role in stabilizing foam in a water-wet carbonate
core. Oil displacement experiments showed that coinjection of
wettability-altering surfactant and gas could recover significant amount of
oil (33% OOIP) over water flooding. With AOS as the foaming agent,
only a weak foam was propagated in a carbonate core, regardless of the
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core wettability. A blend of wettability-altering surfactant (AOS and zwit-
terionic surfactant) not only altered the wettability from oil-wet to water-
wet, but also significantly increased the foam resistance factor in the presence
of oil.

An air foam test was started to improve injection profile before water
injection in An 83 zone in the Chang 7 formation in April 2013. In the
350 m � 150 m well pattern (An 231e45 well pattern), 7824 m3 of air
was injected to generate 3631 m3 foam. The well production capacity was
increased from 0.55 to 0.88 tons/day on the average, a significant increase
compared with the capacity of 0.39 tons/day for the neighboring wells. Wa-
ter injection began in December 2013. The water cut in the corresponding
production wells started to increase. This test showed that air foam mitigated
water breakthrough (Wang et al., 2015).

14.5 Branched fractures

Branched fractures are generated by adding fiber in the fracturing fluid
whose viscosity is reduced gradually. After the main fracture is generated,
added fibers (0.1e0.3 wt.%) form a temporary bridge blockage with sand
within the fracture. The pressure is increased, and then the fracturing fluid di-
verts to understimulated intervals along the lateral to form branched fractures
(Potapenko et al., 2009). After the fractures are generated, the fluid viscosity is
gradually reduced. Thus, the fracture conductivity is achieved (Wang et al.,
2013). Branched fractures can be more easily generated when the difference
between the maximum and minimum horizontal stresses is small.

Fan and Liu (2016) reported a field case to generate branched fractures by
a large-scale fracturing operation in the Hailaer field, Inner Mongolia,
China. For such a fracturing operation, 1631 m3 of fracturing fluid
and 161 m3 sand per well on average were injected. About 7.8 m3/d of
sand was injected per well. For this field, the average porosity was 15.3%,
and the permeability was 0.34 mD under an overburden confining condi-
tion. After fracturing, the average oil rate was increased by 5.7 tons/day
from 0.7 tons/day. After 500 days of fracturing, the average incremental
oil per well was 2244 tons. Totally six wells were tested.

Li (2012) reported the oil production performance (oil rate) using
different fracturing methods. The oil rates showed that the multistage
fracturing method and using polyhydric alcohol fracturing fluid worked
better.
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14.6 Zipper fracture

Instead of drilling and hydraulically fracturing one well at a time, mul-
tiple wells are drilled from a pad site; after one stage in one well is fractured,
during the time to prepare for fracture the next stage at this well, wireline
and perforation operations take place and a stage is fractured in another
well. The fractures have a zipperlike configuration, as shown in Fig. 14.2
in which other configurations are presented. This figure shows two well
fracture patterns. A similar pattern can be practiced in four wells and multi-
ple wells. For the conventional fracturing configuration, well 1 and well 2
are independently fractured with each stage fractured sequentially from
the toe to the heel. For the zipper fracturing configuration, after one stage
from well 1 is fractured, another stage from well 2 is fractured to the early
stage, and the sequence is repeated. The objective is to generate the fracture
complexity near the tips of fractures. For the Texas two-step configuration,
the sequence of fracturing stages for a single well is altered. After the first
stage near the toe is fractured, the second stage toward the heel is fractured;
next the third fracture is initiated between the two previously fractured. The
middle fracture has a reduced half-length because it is generated in the stress
alteration region by the previous fractures. In the modified zipper fracturing
configuration, the staggered fracture pattern allows the individual stimulated
reservoir volume (SRV) extents for each lateral overlap, generating both

Figure 14.2 Various fracturing figurations (numbers indicate sequence).

462 Enhanced Oil Recovery in Shale and Tight Reservoirs



near- and far-field complexity with the reservoir. Each fracture stage for the
second well propagates into the stress alteration region by the two previously
propagated fractures from the first well, combining concepts of the zipper and
Texas two-step patterns (Soliman et al., 2010; Curnow and Tutuncu, 2016).

When completing horizontal wells one at a time, after a single stage is
fractured, it takes 2e3 h for the wireline operation to set plugs and perforate
the next stage. By completing multiple wells, this waiting time can be used.
In addition to cut operation time off, zipper and modified zipper fracturing
patterns can increase fracture complexity, and therefore, improve oil
recovery.

For the multiwell frac patterns to work there are three primary factors
(Jacobs, 2014):
(1) Existence of conductive natural fractures,
(2) Impact the stress shadowmay have on hydraulic fracturing between two

wells,
(3) Ability to change the pressure within the natural fractures between two

wells.

14.7 Refracturing

Statistically, refracturing jobs show more field success than field
failures. Vincent (2010, 2011) used specific field cases to illustrate refractur-
ing mechanisms. These mechanisms include enlarged fracture geometry,
increased fracture height in vertical wells, greater lateral coverage in hori-
zontal wells or initiation of more transverse fractures, restored or increased
fracture conductivity, reorientation of existing fractures, etc.

14.8 Diversion technology in fracturing

In displacement processes in conventional reservoirs, diversion tech-
nology is used to improve the sweep efficiency of displacing fluids. Similarly,
diversion technology in fracturing is to increase the fracturing fluid to enter
more or all zones so that more fractures are generated, or sometimes more
fracture complexity is obtained. This can be achieved mechanically or
chemically. Mechanical diversion uses mechanical parts like different
packers, retrievable bridge plugs, sliding sleeves and ball sealers. Chemical
diversion uses viscous fluids or soluble particulate diverters. The main
purpose of these diversion methods is to divert the fluid from high-
permeability zones to lower-permeability zones or temporarily block the
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high-permeability zones. The blockage must be able to be removed after
the treatment so that oil and gas can flow back or be produced back from
all of the zones. In hydraulic fracturing, a fracturing fluid is diverted to
less dominant perforations, clusters, or fractures. To remove the blockage,
the particulates in the diverting agents must be degraded biologically,
chemically, thermally, or when they contact oil.

14.9 Energized fluids

Because gas is a compressible fluid, the compressed gas will release
energy (slow down pressure depletion) when the system pressure is
decreased. Thus, a fluid with one or more compressible gas components
dispersed is called energized fluid. The compressible gases are typically
CO2, N2 or a combination of gases. However, energized fluids have their
drawbacks such as low stability at high temperature, high friction during
pumping, and corrosion in the case of CO2.

Cryogenic liquid N2 (�320 to �322�F) is used in hydraulic fracturing. It
is found that liquid N2 can reduce breakdown pressure and increase fracture
complexity (Gomaa et al., 2014). CO2 can be pumped with conventional
equipment in liquid form. As it is heated in a reservoir, it vaporizes to a gas
state. The gaseous CO2 can assist in flow back. Liquid CO2 has high density
which helps in gaining hydrostatic pressure and in carrying proppants. Other
benefits include lower interfacial tension and clay inhibition. Water saturated
with CO2 forms carbonic acid which may have some benefits. In many cases,
energized fluids in different types of foams are used (Karadkar et al., 2018).

14.10 Thermal recovery

To develop oil shale, in-situ heating to about 650�F may convert
kerogen to oil and gas. Although kerogen content in a shale oil rock is
much lower (<10%) than a typical oil shale, a shale oil formation may be
heated so that the kerogen is converted to oil and gas; probably the forma-
tion permeability is increased owing to kerogen decomposition. Egboga
et al. (2017) used a compositional thermal simulator to check the feasibility
of downhole in-situ heating. They proposed high frequency electromag-
netic (microwave) heating at the downhole wellbore to avoid significant
heat loss. The microwave energy is introduced into a reservoir from a radi-
ating element located in the horizontal section of a wellbore, heating the
reservoir through adsorption of electromagnetic energy by connate water
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in the reservoir. The same well is used for production and heating; during
the heating, the well is not produced. In their simulation model, the prop-
erties of a Bakken oil are used. Table 14.1 lists the main fluid and rock prop-
erties used in the simulation model.

The reservoir is initially depleted (the first primary depletion in Fig. 14.3)
at 2000 psi bottom hole pressure, followed by heating at 700�F at the heat-
ing well, and then followed by the second depletion. Fig. 14.3 shows the
average reservoir (model) pressure. It shows that heating increases the reser-
voir pressure from 3300 psi at the end of first depletion to 7000 psi after
1000 days of heating, indicating thermal pressurization is an important

Table 14.1 Main fluid and rock properties used in the model.

Matrix permeability (mD) 0.0015
Matrix porosity 0.08
Reservoir thickness (ft) 10
Shale thermal conductivity (Btu/ft$day�F) 30
Initial pressure (psi) 6840
Initial temperature (�F) 248
Initial kerogen concentration (weight%) 10
Oil viscosity (cp) 0.31
Hydraulic fracture half-length (ft) 200
Hydraulic fracture spacing (ft) 200
Well spacing (ft) 150
Natural fracture spacing (ft) 28

Figure 14.3 Average reservoir pressure during depletion and heating (Egboga et al.,
2017).
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mechanism. At the end of heating, the temperature near the well increases,
but the viscosity due to this temperature increase is decreased from 0.3 to
0.23, indicating viscosity reduction is not an important mechanism.

Heating will accelerate kerogen decomposition into oil and gas, and the
decomposition will provide more pore space, resulting in an increase in
porosity and permeability. It is found that the porosity of the studied model
increases from 8% to 10%, and the permeability is increased from 0.0015 to
0.002 mD. From the absolute value increase in permeability, it seems that
the effect of stimulation by heating is not very significant. Note their model
does not include the mechanism of thermally driven fracturing. The ques-
tion is “Can such heating increase a local pressure higher than a fracturing
pressure?”

Fig. 14.4 shows the oil recovery for 7000 days for different recovery
schemes. It shows that the oil recovery from thermal stimulation when
the rock has 10% kerogen is 1% higher than that from the thermal stimula-
tion without kerogen, indicating that kerogen decomposition due to heat-
ing is not a dominant mechanism. It is because the thermal heating and the
resultant kerogen decomposition are concentrated locally near the heater.
This observation is consistent with the permeability data.

The simulation model shows the oil recovery is increased from 7.2% for
primary depletion to 11.5% for the depletion with 1000 days of heating. A
cost analysis shows that the energy cost is $26 to produce an additional barrel
of oil, which does not include the capital cost and implementation cost.

Figure 14.4 Oil recovery from primary depletion and thermal stimulation with and
without kerogen (Egboga et al., 2017).
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14.11 Microbial EOR

Microbial EOR is to inject microbial reaction products in the reser-
voir or inject microbes and nutrients in the reservoir so that microbial prod-
ucts are generated (Sheng, 2013b). These products could be acids, gases,
solvents, biosurfactants, and biopolymers. Their EOR mechanisms are
similar to those for gas injection and chemical injection. Microbial EOR
is generally applied to formations of low temperature (<98

�
C) and high

permeability (>50 mD) (Sheng, 2013c). However, one application in a
low-permeability reservoir is reported (Liu et al., 2010), as briefed below.

In the MEOR pilot test zone, Wangyao, in Ansai Field, China, the
porosity was 14%, the permeability was 5.22 mD, and the reservoir temper-
ature was 45�C. The water cut reached 66.1%, and the average well oil rate
was 1.48 tons/d before the test. One injector, Wang 15e5, was chosen with
7 producers around it. Total 1150 m3 of solution was injected. The solution
consisted of two slugs, the first slug being microbes and nutrients, and the
second slug being microbial reaction products. The injection was operated
from June 28 to August 21, 2009. The response time was 40 days. The in-
jection might be effective within 300 days. By the end of 2009, the cumu-
lative oil increased was 297.65 tons, and the estimated ultimate incremental
oil was 550 tons.
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Nomenclature

a empirical constant for Langmuir-type isotherm
A preexponential or frequency factor, t�1, s�1 in Eq. 13.2, or Lnt2nþ1/mn,

d�1∙kPa-n in Eq. 13.12, or area, L2

A(co) chemical reaction rate per unit volume, m/L3t, mol/(m3∙s)
Af fracture surface area, L2

Ao rock area covered by oil, L2

Aw rock area covered by water, L2

b empirical constant for Langmuir-type isotherm
c a constant, the ratio of the gravity force to the capillary force in Eq. 10.13

dimensionless, or a ratio of two parameters
C heat capacity, L2/t2T, kJ/(kg∙oC), or J/(kg∙K), or a conversion constant in

Eq. 9.45
CA precipitated asphaltene concentration in the liquid phase, m/L3, meq/mL
CH empirical constant in Huh’s equation
Cpc capillary parameter, m/L2t2, psi(Darcy)1/2

Csurf surfactant concentration, L3/L3, vol.%
bCsurf adsorbed surfactant concentration, L3/L3, vol.%
ct total compressibility, Lt2/m, psi�1

CT CT number measured in a substance
CTa CT number for air
CTar CT number for a dry rock saturated with air
CTg CT number for gas
CTgor CT number for a system of gas, oil, and rock
CTgr CT number for a dry rock saturated with gas
CTo CT number for oil
CTor CT number for a dry rock saturated with oil
CTr CT number for a rock
D pore diameter or penetration depth (Chapter 2), L, ft, or diffusion coefficient,

L2/t, cm2/s (Chapter 10)
Dpt average pore throat diameter, L
Dptc critical pore throat diameter, L
EA fractional pore volume occupied by asphaltene deposition, L3, m3

E activation energy of the decomposition or oxidation reaction, L2/t2, kJ/mol,

J/mol
Epc exponent of a capillary pressure function, dimensionless
Fc capillary force, mL/t2

Fv viscous force, mL/t2

g gravitational constant, Lt�2, m/s2

G magnetic gradient
h height, L
H enthalpy yet to be released, equals to (Ho � Ht), mL2/t2, J
Ho total released heat, mL2/t2, J
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Ht release heat (enthalpy) at any time, mL2/t2, J
Iw wetting index, fraction
k permeability, L2, mD
K K value, dimensionless
k0 permeability at the initial stress s0, L

2, mD,
k�e effective permeability of two phases at Swf, mD
kr relative permeability, dimensionless, fraction
l imbibition distance, L, m
L length, L, ft
La characteristic length, ft
Lc critical and characteristic length, ft
M molecular weight, m, g
Me effective mobility, L3t/m
mt mass, m, kg
n reaction order or exponent in a kr equation, dimensionless
NB bond number, dimensionless
NC capillary number, dimensionless
(NC)C critical capillary number, dimensionless
(NC)max maximum capillary number, dimensionless
Npe Péclet number, dimensionless
NT trapping number, dimensionless
p pressure, m/Lt2, kPa, atm., psi
pavg matrix average pressure, m/Lt2, kPa
pc capillary pressure, m/Lt2, psi
PD dimensionless pressure
P�
e capillary pressure at Swf, m/Lt2, psi

phuff dimensionless pressure during the huff time
pmax maximum matrix average pressure in one cycle, psi
pO2

partial pressure of oxygen, m/Lt2, kPa
ppuff dimensionless pressure during the puff time
p�w vapor pressure of the pure water component, m/Lt2

Q gross calorific value per unit mass of burned fuel, L2/t2, cal/g in Eq. 13.9, or heat

of reaction per unit mass of fuel, L2/t2, J/mole in Eq. 13.13
Q' gross calorific value of per unit mass of burned fuel, L2/t2, BTU/lb in Eq. 13.10
Q� heat of reaction in terms of the oxidizer, m/Lt2, kcal/mol O2 or BTU/ft3 air in

Eq. 13.11
QO2

enthalpy of the oxidation reaction, L2/t2, kJ/mol
r capillary or pore radius, L, m
R recovery factor by spontaneous water imbibition, or gas the constant (8.3147 J/

(�K∙mol)) or 0.082 (liter∙atm)/(�K∙mol))
R� normalized oil recovery, dimensionless
RF oil recovery factor, fraction or %
rw water drop radius, L
S saturation, L3/L3, fraction
S1 area representing the integral of average matrix pressure over the huff time (thuff)

in a cycle, m/Lt, psi$hour
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S2 area defined by the maximum average matrix pressure during the huff time, pmax,

times thuff, m/Lt, psi$hour
S3 area representing the integral of the average matrix pressure over the puff time

(tpuff) in a cycle, m/Lt, psi$hour
S4 area defined by the maximum average matrix pressure, pmax, times tpuff, m/Lt,

psi$hour
S normalized saturation, fraction
Shuff area defined by the maximum average matrix pressure during the huff time,

m/Lt, psi$hour
Sorg residual oil saturation under gas drive, L3/L3, fraction or %
Spuff area defined by the maximum average matrix pressure during the puff time,

m/Lt, psi$hour
Sw2 remaining (residual) oil saturation (Sw2) at the end of core flood, L3/L3,

fraction or %
Swc connate water saturation, L3/L3, fraction or %
Swf water saturation behind imbibition front, L3/L3, fraction or %
Swi initial water saturation, L3/L3, fraction or %
t time, t, s, hours or days
T temperature, T, �F, �C
T2 transverse relaxation time in porous medium, t, ms
T2,bulk transverse relaxation time in bulk liquid t, ms
Ta ambient temperature, T, �K
Ta,c critical ambient temperature, T, �K
tD dimensionless time
TE echo spacing of measurement sequence, t, ms
tg ratio of viscous force to gravity force
thuff huff time, t, days
Tp parameter in a capillary desaturation curve equation for phase p
tpuff puff time, t, days
Tr reservoir initial temperature, T, �K
TSI spontaneous ignition temperature, T, �K
Tj trapping number parameter for phase j, dimensionless
uL superficial Darcy velocity, L/t, m/s, ft/d
U Darcy velocity, L/t, m/s
v or V volume, L3, m3, cm3

vL interstitial velocity, L/t, m/s, ft/d
vLc critical interstitial velocity, L/t, m/s, ft/d
Vo oil volume, L3, or oil spontaneous imbibition volume, L3

Vo2 normalized oil volume imbibed into the dry plug 2, L3

Vom volume of oil in the microemulsion, L3, cm3

Vor rock bulk volume whose pores are fully saturated by oil, L3, m3, cm3

Vosi oil spontaneous imbibition volume, L3

Vp pore volume, L3, m3, cm3

Vr rock grain volume, L3, m3, cm3

Vsm volume of surfactant in the microemulsion, L3, cm3

Vw water spontaneous imbibition volume, L3
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Vw1 normalized water volume imbibed into the dry plug 1, L3

Vwsi water spontaneous imbibition volume, L3

W work, mL2/t2

Wdry weight of a dry core, m, g
Wend weight of the core plug at the end of each flood, m, g
Wexp weight of a core after removing the core from the vessel, m, g
Wi weight of a core with water and oil at the end of cycle i, m, g
WIo wettability index of oil
WIw wettability index of water
Womin minimum oil content to maintain in situ combustion defined in Eq. 13.16, m/L3,

kg/m3

WrDwDo weight of a core saturated with water and oil initially, m, g
Wsat weight of an oil saturated core, m, g
x atomic H/C ratio of the fuel, or mole fraction, m/m
cW
o mole fraction of oil in the aqueous phase, m/m, fraction

cO
o mole fraction of oil in the oleic phase, m/m, fraction

cO
w mole fraction of water in the oleic phase, m/m, fraction

cW
w mole fraction of water in the aqueous phase, m/m, fraction

cO
s mole fraction of surfactant in the oleic phase, m/m, fraction

cW
s mole fraction of surfactant in the aqueous phase, m/m, fraction

xsw surfactant mole fraction in the aqueous surfactant solution, m/m, fraction
y gas mole fraction in oil, m/m, fraction (Chapter 2)
yw mole fraction of water in the gas mixture, fraction

Greek symbols
a surface deposition rate coefficient, 1/t, 1/day
b CO/CO2 ratio in the exhaust gases (Chapter 13), or entrainment rate coefficient,

1/L, 1/ft (Chapter 3), or stress sensitivity index or permeability-stress exponent

(Chapters 2 and 12)
g plugging deposition rate coefficient, 1/L, 1/ft (Chapter 3), or interpolation

parameter for kr and pc at different wettabilities (Chapter 9)
gg gyromagnetic ration
gi rate coefficient for instantaneous plugging deposition, 1/L, 1/ft
d dimensionless parameter defined in Eq. 13.14
dc dimensionless parameter for the critical condition defined in Eq. 13.15
do,SI fraction of oil volume by spontaneous imbibition in the total oil imbibition

volume in Eq. 9.61
dw,SI fraction of water volume by spontaneous imbibition in the total water imbibition

volume in Eq. 9.60
D operator that refers to a discrete change
DH heat value of crude from a DSC test, mL2/t2, J
DTf front temperature minus a room temperature from a combustion tube test, T, �K
q contact angle, degree
qosi oil wetting angle during spontaneous imbibition
qwsi water wetting angle during spontaneous imbibition
l thermal conductivity of the system, mL/t3T, W/(m∙K)
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m viscosity, m/Lt, mPa.s, or attenuation coefficient (Chapter 2)
me effective viscosity of two phases (but considered as one phase), mL�1t�1, mPa.s
mgr attenuation coefficient for a core fully saturated with gas
mor attenuation coefficient for a core fully saturated with oil
r density, m/L3, kg/m3

ror density for a rock bulk fully saturated by oil, m/L3, kg/m3

s interfacial tension, mt2, mN/m, or deposition constant for the snowball effect,

dimensionless (Chapter 3)
p constant ratio of the circumference to its diameter of a circle, or osmotic pressure

(Chapter 12), m/Lt2, atm.
f porosity, dimensionless, fraction or %
F potential, m/Lt2

Gs adsorbed surfactant concentration, L3/L3, vol.%
u mixing parameter, fraction
ukr interpolation scaling factor for kr, dimensionless
upc interpolation scaling factor for pc, dimensionless

Superscripts
e indicates an end point in a kr equation
high at a high capillary or trapping number
L lower bound
low at a low capillary or trapping number
mw mixed wet
U upper bound
WA wettability alteration only
ww waterewet
ow oilewet

Subscript
0 initial
a air
as airesolid (interface)
b bulk
b1,b2 dummy phase b1, b2
c critical
D dimensionless
f formation
F fracture
FI forced imbibition
fm fracture to matrix
g gas
huff during the huff time
i initial
j dummy phase j
j0 conjugate phase of phase j
nw nonwetting

Nomenclature 473



o oil or original (initial)
oa oileair (interface)
or residual oil
ow watereoil (interface)
os oilesolid (interface)
osa oilesolideair system
puff during the puff time
P phase
r rock or residual
R residual or rock
s solid
SI spontaneous imbibition
w, W water
wa watereair (interface)
wf water displacement front
wo watereoil (interface)
wr residual water
ws wateresolid (interface)
wsa wateresolideair system
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huff-n-puff gas injection vs., 137e145
oil recovery factors at different flooding

pressures, 135f
performance, 148e149, 149t
comparison of huff-n-puff, 87f

research results, 133e137
section, 154
in Viewfield Bakken field, Saskatchewan,

145e147
Gas injection, 7, 162e165, 401, 448e450
testing, 161

Gas penetration depth, 51e54
Gas relative permeabilities, 119e120, 121f
Gas reservoirs. See Vaporization
Gas-oil ratio (GOR), 436e437
GEM simulator, 72
GOR. See Gas-oil ratio (GOR)
Gravity effects in spontaneous imbibition,

297e300
Guerbet alkoxy sulfate, 242e243
Gypsum, 210

H
Half-fractures, 137e138
Handy method, 282e283
Heat balance equation, 443
Heat-wait-search sequence (HWS

sequence), 406e407
Heavier alcohols, 396
Heavy oil, 435
High-pH water effects in fluid-rock

interactions, 202e203
High-pressure air injection (HPAI),

401, 429
High-temperature oxidation (HTO),

402e403, 410, 412. See also
Low-temperature oxidation
(LTO)

History matched base model, 391e395
History-matched model, 438e439
Hoek triaxial cell, 182
Horizontal injectors, 155e156
Horizontal well drilling and fracturing,

4e5

HPAI. See High-pressure air injection
(HPAI)

HTO. See High-temperature oxidation
(HTO)

Huff-n-puff, 7, 61, 83e84, 86e91, 151
effect of asphaltene deposition on

optimization, 75e80
CO2 injection
in Parshall field, 57
performance, 108e109, 109t

diffusion effect, 41e43
effect
of core size, 18e20
of injected gas composition, 31e36
of pressure and pressure depletion rate,
20e25

of soaking time, 25e29, 25fe26f
EOR performance with number of

cycles, 29e31
experimental methods, 9e18
core saturation with oil, 9e11

experimental setup, 83f
experimental verification of effectiveness,

17e18
factors affecting huff-n-puff gas injection

performance, 105e109
effect of cycle time, 107, 107t
effect of huff pressure, 105e106, 106t
effect of puff pressure, 106e107, 106t
effect of soak time, 107e108, 108t

field projects, 54e60, 56t
gas huff-n-puff performance, 60
gas injection, 84e85
gas flooding vs., 137e145

gas penetration depth, 51e54
initial simulation studies of injection, 8
injection
mechanisms, 110e115
optimization, 109e110, 109t

mechanisms, 46e51
minimum miscible pressure, 37e41
mode, 5, 5f
nitrogen injection performance, 17f
oil recovery histories for different soaking

times, 28f
sequential method of CO2 injection,

457e458

518 Index



stress-dependent permeability effect,
45e46

system pressure profile, 27f
water injection, 166e167, 169e171
water saturation effect, 43e45

Huff-n-puff gas injection optimization,
117e118

base simulation model, 118e121, 119f
effect of huff-n-puff times, 123t
matrix and fracture properties, 119t
near-wellbore block pressures,

124fe125f, 127f
number of cycles, 130
optimum huff time and puff time,

122e129
optimum soaking time, 129e130, 129t
principles, 121e122
start time of huff-n-puff, 130e132

Huff-n-puff injection optimization,
109e110, 109t

Huff-soak-puff process, 7
HWS sequence. See Heat-wait-search

sequence (HWS sequence)
Hydration, 347
of clays, 194
softening of shale, 196
swelling, 191, 196

Hydraulic fracturing, 186, 463e464
operation, 198

Hydrocarbon production, flow back vs.,
341e345

Hydrogen peroxide (H2O2), 206, 208
Hydrous pyrolysis. See Aquthermolysis

I
IAE. See Isomeric alcohol ethoxylates

(IAE)
IFT. See Interfacial tension (IFT)
Illite, 194
IMEX (black oil simulator), 138
In-situ combustion (ISC), 401
Incremental oil recovery, 231
Initial water content effects on

spontaneous imbibition, 301
Initial wettability effect
on flow back, 379e385
in spontaneous imbibition, 290e293

Initially water-wet, 391e395
Injected gas composition effect, 31e36,

34fe35f
Injected water, cooling effect of, 204e205
Injection
modes, 5e6
pressure, 136e137
rate, 326e330

Interfacial tension (IFT), 114, 279, 293,
348e349, 460e461

effect in spontaneous imbibition,
293e296

simulation analysis, 295e296
theoretical and experimental analysis,
293e295

reduction, 213e214, 390e395
capabilities, 247te248t
mechanisms, 214e217

wettability alteration vs., 226e236
effects, 227e236, 241e242
mathematical treatments, 220e226
relative importance, 230e231

Interfacial Tension Modifier (ITM),
375e377

Internal olefin sulfonate (IOS), 242e243
International Union of Pure and Applied

Chemistry (IUPAC), 281e282, 304
Interpolation parameter, 226
Invaded zone remained oil-wet, 384
Invasion, 344e345
depth effect on flow back efficiency and

late time oil rate, 385e390
Ion-pair mechanism, 237e239, 239f
IOS. See Internal olefin sulfonate (IOS)
IPA. See Isopropyl alcohol (IPA)
ISC. See In-situ combustion (ISC)
Isomeric alcohol ethoxylates (IAE),

243e245, 303e304
Isopropanol. See Isopropyl alcohol (IPA)
Isopropyl alcohol (IPA), 36, 97
ITM. See Interfacial Tension Modifier

(ITM)
IUPAC. See International Union of Pure

and Applied Chemistry (IUPAC)

K
K-value for component, 225

Index 519



Kaolinite, 194
Kerogen, 4
Kinetic parameters for oxidation reaction

rates, 407e426
DSC, 409e410
example to build kinetic simulation

model, 420e426
defining parameters for oxidation
reactions, 421e425

defining pseudocomponents, 421, 422t
defining reaction scheme, 425e426
model grids, 420e421

exothermic and endothermic behavior,
412e417

practical values of, 410e411
simulation approach to estimating heating

values and, 417e420
TGA, 407e409

Klinkenberg effect, 187
Known 1/3e1/7 rule-of-thumb, 61e62

L
Lab-on-a-Chip method, 343
Laboratory-scale model, 438e439
Langmuir-type isotherm, 224e225
Late time oil rate, invasion depth effect on,

385e390
Leverett-J function, 314e315
Li and Horne method, 284e285
Light oil, 435
Liquid blockage, 83
Liquid condensate, 81e82, 82f
Liquid recovery factor, 43, 45f, 104,

159e160
Local porosity after asphaltene deposition,

72e73
Longitudinal relaxations, 257
Low flow back, 341, 345e359
capillary imbibition, 347e349
evaporation, 355e358
fluid entrapment, 350
osmosis, 350e355
permeability jail, 358e359
subirreducible initial water saturation,

346e347
Low-pH effects in fluid-rock interactions,

197e201

oil recovery
of forced displacement, 201f
of spontaneous countercurrent
imbibitions, 200f

pump schedule in Woodford shale frac.
job, 199te200t

tensile fractures in organic-rich shale, 198f
Low-temperature oxidation (LTO),

403e404, 410, 412, 424e425
oxygen consumption rate in, 452
thermal effect in, 446

M
Mancos, 175e176
Marcellus, 175e176
Mattax and Kyte method, 283e284
Maximum capillary number ((NC)max),

214e215
Maximum injection pressure, 127
mD. See MilliDarcy (mD)
Meridian Oil, 154
Methane huff-n-puff injection, 104
Methane-n-butane mixture
liquid dropout curve, 85f
phase diagram of, 84, 85f

Methanol, 36
injection field case, 101e102

Micellar solubilization of organic
component by anionic
surfactants, 237

Microbial EOR, 467
Microchip, 344e345
Microemulsion, 225e226
Microfractures, 209e210
generation, 173e179

Micropore, 2
Microtomography, 256e257
Microwave energy, 464e465
Middle Bakken data, 118
Middle Woodford shale, 193
MilliDarcy (mD), 2
Minimum miscible pressure (MMP),

37e41, 38fe39f
Minimum oil content for combustion, 453
Minimum production pressure, 127
Miscibility
of gas and oil, 37e38

520 Index



model, 138
MMP. See Minimum miscible pressure

(MMP)
Mohr circle, 204e205
Monolayer adsorption by nonionic

surfactants, 240e241, 241f
Montmorillonite, 194
Mudstone, 2

N
n-heptane reverse flooding test, 69, 70f
N2 huff-n-puff tests, 11e13, 12f
Nano-CT, 257
NanoDarcies (nD), 2
NaPA. See Sodium polyacrymide (NaPA)
Natural fractures (NF), 364e366
effects on fluid-rock interactions, 186
reopening, 173e179
Barnett Shale with clear fractures

parallel, 175f
Mancos, Barnett, Marcellus, and Eagle

Ford samples, 175f
mancos rock samples, 174f
Oil RF, 175f
shale permeability changes with

immersion time, 177f
water imbibition times, 178f

Natural gas, 401
Natural gas liquid (NGL), 147
nD. See NanoDarcies (nD)
Negative temperature coefficient (NTC),

428e429
Net present value (NPV), 149, 370
NF. See Natural fractures (NF)
NGL. See Natural gas liquid (NGL)
Nitrogen
flooding, 139, 149
purging, 424e425

NMR method. See Nuclear magnetic
resonance method (NMR
method)

Nonionic fluorinated polymeric
surfactants, 242e243

Nonionic fluorinated surfactant, 103
Nonionic surfactants, 245e246
monolayer adsorption by, 240e241

Nonswelling minerals, 188

Nonwetting phase velocity, 285
NPV. See Net present value (NPV)
NTC. See Negative temperature

coefficient (NTC)
Nuclear magnetic resonance method

(NMR method), 257e261, 290
Numerical analysis for asphaltene

precipitation and deposition,
71e75

Numerical simulation approach, 309

O
Oil recovery, 1, 133e134
mechanisms of wettability alteration,

217e219
Oil recovery factor (Oil RF), 13, 18, 158,

164e165, 175f, 288, 291t,
316e317, 333e334. See also
Recovery factor (RF)

with and without including asphaltene
deposition, 77f

for cores, 19f
at different huff pressures with asphaltene

deposition, 79f
at different puff pressures with asphaltene

deposition, 80f
at different soaking pressures and

cycles, 39f
dimensionless time vs., 22f
and matrix average pressure vs. operation

time, 21f
reductions by asphaltene deposition,

78fe79f
Oil relative permeabilities, 119e120,

120fe121f
Oil RF. See Oil recovery factor

(Oil RF)
Oil saturation, 138e139, 138f, 318e319
Oil shale, 2, 4e5
Oil-wet(ness), 391e395
chip, 386e390
surfaces, 257
system, 289

One-dimension (1D)
laboratory-scale base model, 439
simulation model, 110e112

Organic-rich shale reservoir, 197

Index 521
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