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1
Gas properties

The working fluid of a gas lift installation is, in most cases, the natural 
gas associated with the oil that is produced from the same field or from 
a nearby gas source. The calculation of the injection gas properties is a 
necessary first step to predict pressures, temperatures, flow rates, etc. at 
in-situ conditions in the different components of a gas lift installation. 
Without the knowledge of these properties, it is simply not possible to 
determine the important parameters that are frequently used in gas lift de-
signs and troubleshooting analyses, such as the pressure and temperature 
gradients along the injection annulus that are used to locate the depths of 
the gas lift valves.

The correlations that can be used to calculate the properties of hydrocar-
bon gases are described in their general forms in the chapter. Many of the 
correlations given in the list of references in the chapter were developed a 
long time ago and have been successfully applied during the last decades; 
however, it is important to always use values of these properties that have 
been measured in field laboratories in order to: (1) corroborate the accuracy 
of these correlations for different operational conditions, and (2) calibrate 
the correlations that are used by commercially available gas lift design and 
troubleshooting software to calculate these properties.

The natural gas used as the injection gas in most gas lift installations is 
a mixture of different hydrocarbon substances of low molecular weight in 
gaseous state, such as methane, and some nonhydrocarbon impurities like 
nitrogen, hydrogen sulfide (H2S), and carbon dioxide (CO2). If the mixture 
has significant quantities of H2S and/or CO2, the gas is an “acid gas” be-
cause it forms an acidic solution in presence of water. An acid gas mixture 
is not recommended for use in a gas lift field because of the problems it 
creates for the safety of the personnel and the corrosion of tubular goods 
and equipment.

If the H2S concentration is greater than 4 parts per million (ppm), the gas is 
also called a “sour gas,” otherwise the gas is called a sweet gas. It is important 
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to maintain the H2S concentration at values less than 4 ppm because higher 
concentrations could cause the following problems or inconveniences:

■ Because these high concentrations are highly toxic, special safety 
measurements must be taken to avoid health related problems or even 
deadly accidents when dealing with sour gases.

■ Sour gases can cause sulfur precipitation that can accumulate in the 
production tubing, flowline, injection gas lines, etc.

■ Sour gases are also highly corrosive, especially in presence of salt 
water.

H2S reacts with water and iron to form iron sulfide and hydrogen. CO2, on 
the other hand, reacts with water to form carbonic acid, which then reacts 
with iron to form iron carbonate and hydrogen. A gas mixture could be 
corrosive if its CO2 partial pressure (defined in Section 1.1) is greater than 
3 psi. Actions that need to be taken to overcome the negative effects of CO2, 
H2S, and water are presented in different sections in this book. The neces-
sary corrections in the calculation of the properties of natural gases and 
water vapor are addressed in the chapter if impurities such as CO2 and H2S 
are present in small quantities, but the equations to calculate the properties 
of these impurities alone are not presented.

1.1 EQUATION OF STATE
It is very important in many gas lift calculation procedures to be able to ex-
press the volume that a given gas, or a mixture of several gases, occupies in 
terms of its pressure and temperature. The general gas law given in the form 
of Eq. 1.1 is one of the many so-called “equations of state” that are used to 
correlate volume, pressure, and temperature of a gas:

PV nR Tu= (1.1)

Where V is the volume the gas occupies, P is the gas absolute pressure, Ru is 
the universal gas constant, T is the absolute temperature of the gas, and n is 
the number of moles inside volume V.

A mole is a given number of molecules of a particular gas with a mass 
numerically equal to the molecular weight of the gas in the system of 
units being used. The number of molecules depends on the mole defini-
tion being used. For example: (1) in 1 pound-mole (lb-mol) there are 
2.73 × 1026 molecules of the gas, (2) in 1 gram-mole (g-mol) there  

PV=nRuT
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are 6.02 × 1023 molecules and, (3) in 1 kilogram-mole (kg-mol) there are 
6.02 × 1026 molecules.

It can be seen from Eq. 1.1 that, for a given pressure, temperature, and vol-
ume, the number of moles is the same for all gases. This is known as Avoga-
dro’s law, which only applies for low pressures or so-called ideal conditions. 
For this reason, Eq. 1.1 is called the “ideal gas law.”

The mass of a mole of a given gas is known as the molecular weight of that 
gas in particular and is usually denoted as M. Examples of units of the mo-
lecular weight are: lbm/(lb-mol), g/(g-mol) or kg/(kg-mol). The number of 
moles, n, of a given mass, m, can be calculated from the following equation: 

n =
m

M 
(1.2)

Combining Eqs. 1.1 and 1.2, the general gas law can be rewritten in the fol-
lowing ways:

P =
R

M
Tuρ

 
(1.3)

Pv =
R

M
Tu

 
(1.4)

Where v is the gas specific volume and ρ its density. Some authors call Ru/M 
the “gas constant” of a particular gas, which is then denoted as Rg. The value 
of the universal gas constant, Ru, depends on the system of units being used. 
These values are given in Table 1.1.

n=mM

P=ρRuMT

Pv=RuMT

Table 1.1 Values of Ru for Different Units Used in Eq. 1.1

Units Ru

atm-cc/(g-mole)-K 82.06
Btu/(lb-mole)-°R 1.987
psia-ft.3/(lb-mole)-°R 10.73
abs lb/ft.2-ft.3/(lb-mole)-°R 1545
atm-ft.2/(lb-mole)-°R 0.730
mm Hg-liters/(g-mole)-k 62.37
in.Hg-ft.3/(lb-mole)-°R 21.85
calorie/(g-mole)-K 1.987
KPa-m3/(kg-mole)-K 8.314
J/(kg-mole)-K 8314
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Problem 1.1
Calculate the volume that 1 lb-mole of a gas occupies under standard con-
ditions of temperature and pressure.

Solution
Standard conditions are defined as 14.7 psia and 520°R. Solving for V in 
Eq. 1.1:

( ) ( )
=

− °






°
=V =

nR T

P

1lb-mol
10.73psia- ft .

(lb-mole) R
520 R

14.7psia
379.5 ft .u

3

3

Problem 1.2
Calculate the density of methane under standard conditions.

Solution
Knowing that the molecular weight of methane is 16 lbm/(lb-mole), the 
equation of state is used to find the density of methane as follows:

ρ
( )

= =

− °






°
=

PM

R T

14.7 psia
16 lbm

(lb-mole)

10.73psia-ft .

(lb-mole) R
520 R

0.0421
lbm

ft .u
3 3

Usually, the natural gas used as injection gas for gas lifting purposes is a 
mixture of different gases, where the most important components are meth-
ane and, to a lesser degree, ethane. The properties of gaseous mixtures are 
calculated using two fundamental laws known as Dalton’s and Amagat’s 
laws. Dalton’s law states that each gas in a mixture of gases exerts a pres-
sure equal to that which it would exert if it occupied the same volume as the 
total mixture. This pressure is called the “partial pressure” of the particular 
component of the mixture. The total pressure of the mixture is then the sum 
of the partial pressures of all its components. This law is valid only when 
the mixture, and each component of the mixture, obeys the ideal gas law. 
For example, if a mixture has three components a, b, and c, then the total 
pressure of the mixture is the sum of the partial pressure of each component: 

V=nRuTP=1 lb-mol10.73 psia-ft.3(lb-mole)−°R520°R14.7psia=379.5 ft.3

ρ=PMRuT=14.7 psia16 lbm(lb-mole)10.73 psia-ft.3(lb-mole)−°R520 °R=0.0421 lbm
ft.3
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Pa, Pb, and Pc. Each of these components has a given number of moles: na, 
nb, and nc. The total pressure of the mixture can be expressed in the follow-
ing way:

P = P +P +P = n
R T

V
+n

R T

V
+n

R T

V
= N

R T

Va b c a
u

b
u

c
u u

 
(1.5)

Where N is the sum of na, nb, and nc. Then, for component j:

P

P
=

n
R T

V

N
R T

V

=
n

N
= y

j
j

u

u

j

j

 

(1.6)

Where yj is known as the mole fraction of the jth component. Therefore, the 
partial pressure of component j, known as Pj, is equal to the total pressure of 
the mixture times its mole fraction, [(P)(yj)].

Another important law is Amagat’s law. It states that the total volume of a 
gaseous mixture is the sum of the volumes that each component would oc-
cupy at the given mixture pressure and temperature. The volumes occupied 
by the individual components are known as partial volumes. This law only 
applies to ideal gases and it can be expressed as:

V = V +V +V = n
R T

P
+n

R T

P
+n

R T

P
= N

R T

Pa b c a
u

b
u

c
u u

 
(1.7)

Therefore, for the jth component of the mixture:

V

V
=

n
RT

P

N
RT

P

=
n

N
= y

j
j

j

j

 

(1.8)

The partial volume of the jth component, known as Vj, is equal to the total 
volume times its mole fraction, or [(V)(yj)].

One very important gas property for gas lift calculations is the apparent 
molecular weight of a gas mixture, known here as Map, which is defined as 
the summation of the molecular weight of each component multiplied by its 
respective mole fraction:

M y Mj j
j

ap ∑=
 

(1.9)

P=Pa+Pb+Pc=naRuTV+nbRuTV+ncRuTV=NRuTV

PjP=njRuTVNRuTV=njN=yj

V=Va+Vb+Vc=naRuTP+nbRuTP+ncRuTP=NRuTP

VjV=njRTPNRTP=njN=yj

Map=∑jyjMj
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Problem 1.3
Calculate the apparent molecular weight of dry air, Mair.

Solution
Table 1.2 shows the mole fraction and molecular weight of the three most 
important components of dry air.

= + + =M (0.78)(28.01) (0.21)(32.00) (0.01)(39.94) 28.97air

From the apparent molecular weight of a given mixture, the specific gravity 
of that mixture, g, can be calculated as:

M

M

M

29
ap

air

apγ = =
 

(1.10)

Where the molecular weight of air is approximated as being equal to 29 lbm/
lb-mole. This is the apparent molecular weight of air, which is itself a mix-
ture of several gases as indicated in the previous problem. The specific grav-
ity of a pure gas (not a mixture) is defined in the same way: its molecular 
weight divided by the molecular weight of air.

The specific gravity of a gas is also defined as its density (ρ), divided by the 
air density (ρair), both at standard conditions, that is 14.7 psia and 60°F or 
520°R. Using the general gas law, the following expression for the specific 
gravity of a gas is then: 

M P

R T

M P

R T

=
M

M

( )( )

( )( )

u

u

air

ap

air

ap

air

γ
ρ

ρ
= =

 

(1.11)

Eq. 1.1 at the beginning of this section is the general gas law that applies 
only to ideal conditions, but it is not very accurate for higher pressures. One 

Mair=(0.78)(28.01)+(0.21)(32.00)+(0.01)(39.94)=28.97

g=MapMair=Map29

g=ρρair=MapP(Ru)(T)MairP(Ru)(T)=MapMair

Table 1.2 Properties of Dry Air

Component Mole fraction Molecular weight

Nitrogen 0.78 28.01
Oxygen 0.21 32.00
Argon 0.01 39.94
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of the ways of applying the general gas law under any pressure and tempera-
ture is by introducing the compressibility factor, Z, of a particular “pure” gas 
in the following manner:

PV = nZR Tu (1.12)

The compressibility factor of a pure gas is a function of its reduced pressure 
and temperature, Pr and Tr, which are defined as:

P =
P

P
T =

T

T
andr

c
r

c 
(1.13)

where Tc and Pc are the critical temperature and pressure of the gas, re-
spectively. The relationship between the compressibility factor of a pure 
gas and its reduced pressure and temperature is given in many reports from 
professional associations in the form that is presented in Fig. 1.1, where the 
law of corresponding states is applied to a “pure” hydrocarbon gas; see for 
example the work from Brown et al. (1948). The law of corresponding states 
establishes that all pure gases with the same values of the reduced pressure 
and temperature have the same compressibility Z. However, this law is not 
very accurate, and when a high degree of accuracy is desired, graphs as the 
one shown in Fig. 1.1, but developed for a particular gas, must be used.

PV=nZRuT

Pr=PPc and Tr=TTc

■■ FIGURE 1.1 Compressibility factor for pure hydrocarbon gases.
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For a gas mixture, the compressibility factor is a function of the pseudo-
reduced temperature and pressure, which are calculated as:

T =
T

T
P =

P

P
andpr

pc
pr

pc 
(1.14)

where Tpc and Ppc are the pseudocritical temperature and pressure, which are 
calculated from the following equations:

∑=T y Tpc j cj (1.15)

∑=P y Ppc j cj (1.16)

If the specific gravity of a gaseous mixture is known but not its composi-
tion, the following equations can be used to calculate the pseudoreduced 
temperature and pressure as functions of the mixture specific gravity, g:

T 170.491 307.344 ( )pc γ= + (1.17)

P 709.604 58.718 ( )pc γ= − (1.18)

The relationship between the compressibility factor of a mixture of gases 
and its pseudoreduced pressure and temperature is given in many reports 
from professional associations in the form presented in Fig. 1.2; see for 
example the work from Standing and Katz (1942).

Tpr=TTpc and Ppr=PPpc

Tpc=∑yjTc

Ppc=∑yjPc

Tpc=170.491+307.344 (g)

Ppc=709.604−58.718 (g)

■■ FIGURE 1.2 Compressibility factor of natural gas mixtures.
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Sometimes the mole fraction of each component in a mixture is not given 
but the composition of the mixture is expressed in terms of the mass or vol-
ume percentage of each component. In these cases, the mole fraction of each 
component must be computed to calculate the mixture properties, as shown 
in the following problems.

Problem 1.4
A natural gas mixture consists of 60% methane (C1), 20% ethane (C2), and 
20% propane (C3) by weight. Calculate the apparent molecular weight and 
the specific gravity of the mixture.

Solution
The total mass of the mixture is assumed to be equal to 100 lbm. The mix-
ture then has 60 lbm of methane, 20 lbm of ethane, and 20 lbm of propane. 
The number of moles of each component is obtained by dividing its mass 
by its corresponding molecular weight: 

nC1
 = 60/16 = 3.75

nC2
 = 20/30 = 0.67

nC3
 = 20/44 = 0.45

Total N = 3.75 + 0.67 + 0.45 = 4.87

The mole fraction of each component is:

yC1
 = 3.75/4.87 = 0.77

yC2
 = 0.67/4.87 = 0.1375

yC3
 = 0.45/4.87 = 0.0924

The apparent molecular weight is then:

= + + =M 0.77(16) 0.1375(30) 0.0924(44) 20.51 lbm / lbm - moleap

And the specific gravity is:

γ = =20.51/ 29 0.707

These calculations could have been done assuming 100 kg as the mass of 
the mixture, using the molecular weight of each component expressed in 
kg/kg-mole, which are numerically equal to the ones expressed in lbm/
lbm-mol.

nC1

nC2

nC3

yC1

yC2

yC3

Map=0.77(16)+0.1375(30)+0.0924(44)=20.51 lbm/lbm-mole

g=20.51/29=0.707
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Problem 1.5
A mixture consists of 60% methane, 20% ethane, and 20% propane by 
volume. Calculate the composition of the mixture in terms of the mole 
fraction if the mixture pressure is 2500 psia and its temperature 300°F. The 
critical properties are:

Tc C1
 = 343.1 °R; Pc C1

 = 667.8 psia
Tc C2

 = 549.8 °R; Pc C2
 = 707.8 psia

Tc C3
 = 665.7 °R; Pc C3

 = 616.3 psia

Solution
The total volume of the mixture is assumed equal to 100 ft.3 The number of 
moles of each component is calculated by:

n =
PV

ZR Tu

The value of Z for each component can be obtained from graphs such as 
the one shown in Fig. 1.1, using the reduced pressure and temperature of 
each component (Table 1.3):

n
2500 psia 60 ft.

0.963 10.73
psia- ft.

lbm-mole R
760 R

19.1 lbm - moleC

3

31

( )( )

( ) ( ) ( )
=

− °






°
=

n

-

2500 psia 20 ft.

0.708 10.73
psia- ft.

lbm mole R
760 R

8.66 lbm - moleC

3

32

( )( )

( ) ( ) ( )
=

− °






°
=

n

-

2500 psia 20 ft.

0.585 10.73
psia- ft.

lbm mole R
760 R

10.48 lbm - moleC

3

33

( )( )

( ) ( ) ( )
=

− °






°
=

TCCPCC
TCCPCC
TCCPCC

n=PVZRuT

nC1=2500 psia60 ft.30.96310.73psia-ft.3lbm-mole−°R760 °R=19.1 lbm-mole

nC2=2500 psia20 ft.30.70810.73psia-ft.3lbm-mole−°R760 °R=8.66 lbm-mole

nC3=2500 psia20 ft.30.58510.73psia-ft.3lbm-mole−°R760 °R=10.48 lbm-mole

Table 1.3 Compressibility Factors for Components C1, C2 and C3 in 
Problem 1.5

Component Tr Pr Z

C1 2.2 3.72 0.963
C2 1.4 3.53 0.708
C3 1.14 4.06 0.585
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The total number of moles is then: 19.1 + 8.66 + 10.48 = 38.24 moles, and 
the mole fractions are:

y =19.1/38.24=0.499C1

y =8.66/38.24=0.226C2

y =10.48/38.24=0.274C3

Problem 1.6
A diver fills his 80-L tank with air at 3000 psig and 15°C, and quickly sub-
merges to a depth of 33.9 ft. in a lake where the water density is 62.4 lbm/
ft.3. After 35 min, the pressure inside the air tank has decreased to 500 psig 
and the diver must go back to the surface. If the air temperature is as-
sumed to be constant throughout the process, calculate the average air 
consumption flow rate in Mcf/D: (1) at standard conditions, and (2) at the 
diver’s surrounding pressure. The air compressibility factor, Z, at 3000 psig 
is 0.995, at 500 psig Z is 0.98, and at the diver’s depth Z is 1.

Solution
The volume of the tank is (80 L)(0.0353 ft.3/L) = 2.82 ft.3 and the absolute 
temperature is 15°C or 518.67°R. The water pressure gradient is 0.433 psi/ft. 
(= 62.4/144), so that the absolute pressure surrounding the diver is: 1 atm 
(or 14.7 psia) at the surface plus the pressure due to the water column 
above the diver of [(33.9 ft.)(0.433 psi/ft.)], which gives a surrounding pres-
sure of 29.37477 psia.

At 3000 psig (condition “1”) the air in the tank must follow P1V1 = Z1n1RuT1 
and, for the same number of moles but at standard conditions, 
PstVst1

 = n1RuTst. Dividing both expressions and solving for Vst1
(which is the 

volume the initial gas in the tank would occupy at standard conditions):

= = =V
P

P

T

T Z
V

1 3014.7

14.7

520

518.67

1

0.995
2.82 582.7268 scfst1

1

st

st

1 1
1

At 500 psig (final condition or condition “2”) the air inside the tank would 
occupy a volume at standard condition equal to:

= = =V
P

P

T

T Z
V

1 514.7

14.7

520

518.67

1

0.98
2.82 101.01 scfst2

2

st

st

2 2
2

The gas consumed at standard conditions is then equal to 582.7268 − 
101.01 = 481.7150 scf. And the consumption rate is then (481.7150 scf/ 
35 min)(1440 min/D)(Mscf/1000 scf ) = 19.81 Mscf/D.

yC1=19.1/38.24=0.499
yC2=8.66/38.24=0.226
yC3=10.48/38.24=0.274

Vst1Vst1

Vst1=P1PstTstT11Z1V1=3014.714.7520518.6710.9952.82=582.7268 scf

Vst2=P2PstTstT21Z2V2=514.714.7520518.6710.982.82=101.01 scf
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To know the consumption rate at diver’s conditions, the volume that 
481.7150 scf would occupy at 29.37477 psia and 518.67°R must be calcu-
lated:

= = =V
P

P

T

T
V

1

1

14.7

29.37477

518.67

520
481.7150 240.4478 cfat depth

st

at depth

at depth

st
st

The air consumption rate at diver’s conditions is then:

=D(240.4478cf / 35min)(1440min/ )(Mcf /1000cf ) 9.89 Mcf / D

As it was indicated at the beginning of the chapter, natural gases can have 
components, like CO2 or H2S, which are nonhydrocarbon substances that 
are usually known as “impurities.” The graph shown in Fig. 1.2 is not ap-
plicable to hydrocarbon gaseous mixtures with impurities in concentrations 
greater than 2%. In this case, the reduced pressure and temperature must be 
corrected by any of the procedures that can be found in the literature; see for 
example the work from Wichert and Aziz (1972).

Once the reduced pressure and temperature have been determined from 
Eq. 1.14, using for that purpose the pseudocritical temperature and pressure 
obtained from the composition of the gas (Eqs. 1.15 and 1.16 without the 
impurities) or from the correlations given in terms of the specific gravity of 
the mixture (Eqs. 1.17 and 1.18 also without the impurities), their values are 
adjusted with the use of expressions of the following form:

′T = T +Epc pc (1.19)

( )′ ′P = f T ,T , P , E, Bpc pc pc pc (1.20)

Where:

E g A B,( )= (1.21)

Functions f and g are simple polynomial equations, while B is the H2S mole 
fraction and A is the sum of the CO2 and H2S mole fractions. These mole 
fractions are expressed from 0–1 and not as percentages. With these cor-
rected pseudocritical values, the pseudoreduced pressure and temperature 
are calculated using Eq. 1.14 and then used in graphs, such as the one shown 
in Fig. 1.2, to find the compressibility factor of the mixture.

Vat depth=PstPat depthTat depthTst11Vst=14.729.37477518.67520481.7150=240.4478 cf

(240.4478 cf/35 min)(1440 min/D)(Mcf/1000 cf )=9.89 Mcf/D

Tpc'=Tpc+E

Ppc'=fTpc,Tpc',Ppc,E,B

E=gA,B
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As a final point in this section, an expression for the gas formation volume 
factor, Bg, is developed. The gas formation volume factor is defined as the 
volume the gas occupies at in-situ conditions (V), divided by the volume the 
same mass of gas occupies at standard conditions (Vst). Because the number 
of moles multiplied by the universal gas constant must be a constant for any 
condition, the following expression is true for in situ and standard condi-
tions:

nR =
PV

ZT
=

PV

ZTu
st





 

(1.22)

From which the formation volume factor can be solved:

( )
( ) ( )

= =
°

=B
V

V
=

P ZT

T PZ

ZT

P

ZT

P

14.7 psi

520 R 1
0.0283g

st

st

st st 
(1.23)

Where T and P are the in situ conditions in °R and psia, respectively, and Z 
is the gas compressibility factor at conditions P and T, calculated using the 
procedures described previously for pure substances or gaseous mixtures.

1.2 GAS VISCOSITY
There are several correlations that can be found in the literature to calculate 
the viscosity of a natural gas (mg in centipoises) as a function of its tempera-
ture, T, in °R, its molecular weight M, and its density ρg, in gm/cm3 at in-situ 
conditions (to convert lbm/ft.3 to gm/cm3 divide by 62.4). The general form 
of these correlations is as follows:

F Gexp g
H

gµ ρ( )= (1.24)

Where F, G, and H are functions of several variables, for example:

F f M T,( )= (1.25)

G g M T,( )= (1.26)

H h M T,( )= (1.27)

One of the correlations most frequently used to find the viscosity of natural 
gases was developed by Lee et al. (1966). If the natural gas has H2S and/
or CO2, the natural gas density is calculated using its compressibility factor 
found from the corrected pseudocritical properties.

nRu=PVZT=PVZTst

Bg=VVst=PstZTTstPZst=14.7 psiZT520ºRP1=0.0283ZTP

mg=FexpGρgH

F=fM,T

G=gM,T

H=hM,T
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Fig. 1.3 shows a typical behavior of the gas viscosity as a function of its 
pressure and temperature.

1.3 SOLUBILITY OF NATURAL GAS IN WATER
Natural gas dissolves in water depending on the pressure and temperature of 
the phases. The relationship between pressure, temperature, and the solubil-
ity of methane in pure water is given in charts such as the one presented in 
Fig. 1.4; see for example the work of Culberson and McKetta (1951). The 
solubility of a natural gas is inversely proportional to its molecular weight. 
Methane is more soluble than ethane, ethane than propane, and so on. The 
solubility of methane in water can be used to estimate the solubility of a 
natural gas mixture in pure water with an accuracy of approximately 5%.

■■ FIGURE 1.3 Gas viscosity as a function of its pressure and temperature.

■■ FIGURE 1.4 Solubility of methane in pure water, scf/STBW.
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To account for the effect of water salinity, the result obtained from Fig. 1.4 
must be adjusted by equations of the following form:

R R aX Y(1 )sw swp sol sol= − (1.28)

Where Rsw is the gas solubility in brine in scf/(STBW), Rswp is the gas solu-
bility in pure water found from charts such as the one shown in Fig. 1.4, Ysol 
is the salinity of water in ppm, and Xsol is calculated by:

X b T/sol
c= (1.29)

Where T is the temperature in °F, and a, b, and c are correlation parameters 
that must be found from experiments.

Fig. 1.4 can be used to find Rswp or, as a second alternative, the following equa-
tion can also be used: Rswp = A + B(P) + C(P2). P is the pressure in psia and:

A a a T a T( ) ( )1 2 3
2= + − (1.30)

B b b T b T( ) ( )1 2 3
2= − + (1.31)

C c c T c T( ) ( )1 2 3
2= + − (1.32)

Again T is the temperature in °F and an, bn, and cn are constants.

Problem 1.7
Calculate how many scf of gas can be dissolved in brine containing 
40,000 ppm at a pressure of 1,000 psia and a temperature of 300°F.

Solution
From charts such as the one presented in Fig. 1.4, the solubility of gas in 
pure water at 1000 psia and 300°F is approximately 8 scf/STBW.

Using Eq. 1.29:
Xsol = b/Tc= b/300c, the numerical value is found for the appropriate val-
ues of b and c.

Then, using Eq. 1.28, the gas dissolved in brine is found as:
Rsw = Rswp(1 − aXsolYsol) = 8[1 − aXsol(40,000)]

and the numerical value is found from the appropriate value of a.

The solid content of water reduces the solubility of natural gas in brine 
(the value of 1 − a Xsol 40,000 is less than unity). It is common to ignore 

Rsw=Rswp (1−aXsolYsol)

Xsol=b/Tc

A=a1+a2(T)−a3(T2)

B=b1−b2(T)+b3(T2)

C=c1+c2(T)−c3(T2)
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the gas dissolved in water while doing multiphase flow calculation in wells 
producing gas lift because its value is usually very small.

1.4 SOLUBILITY OF WATER VAPOR IN NATURAL GAS
The amount of water vapor that can be present in a natural gas mixture 
depends on the temperature and pressure of the mixture, as well as on the 
salinity of water. It is very important to keep the water vapor content of 
natural gas at a value less than or equal to 7 lbm of water per each MMscf of 
the total gas mixture (natural gas plus water vapor) to avoid:

■ hydrate formation
■ problems measuring the injection gas flow rates
■ corrosion
■ high pressure drops in gas injection lines
■ problems controlling the gas flow rate.

Charts like the one shown in Fig. 1.5 can be used to find the water content 
in pounds of water vapor per MMscf of total (water vapor plus hydrocarbon 
gas) “saturated” gas mixtures at any pressure or temperature; see for exam-
ple the work of McKetta and Wehe (1958). The hydrate line shows the tem-
perature at which hydrates will probably form at any given pressure for a gas 
with a specific gravity equal to the one for which the chart was constructed. 
Points to the left of this line represent the conditions at which hydrate will 
form. The chart cannot be completely accurate for all gases because the 
water content depends on the composition of the gas. The gas in the figure is 
saturated with water, thus any decrease in temperature at constant pressure 
will cause water condensation. For a given pressure and water content, the 
temperature corresponds to the dewpoint temperature. Because these charts 
usually correspond to a given specific gravity gas, the water content must 
be adjusted using the correction factor shown in the figure for other specific 
gravities. The same is true for the salinity.

Equations of the following form can be used to correct for water salinity:

W W a Y[1 ( )]s sp wv
b= − (1.33)

Where Ws is the brine content in lbm/MMscf; Wsp is the water content from 
charts like the one shown in Fig. 1.5; Ywv is the salinity of the water in 
ppm; and a and b are correlating parameters that must be obtained from 
experiments. As stated earlier, pipeline specifications usually require that 
the water vapor content of natural gas be 7 lbm/MMscf or less to minimize 
the problem of hydrate formation in pipelines.

Ws=Wsp[1−a(Ywvb)]
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Problem 1.8
A natural gas at 200 psia and 130°F has a water content of 10 lbm/MMscf of 
the total gas. If the pressure is kept constant, determine the temperature at 
which water will begin to condensate.

Solution
It can be found in charts like the one shown in Fig. 1.5 that a gas at 200 psia 
and 130°F can hold up to almost 600 lbm of water vapor, so the gas is un-
dersaturated. The 200 psia line intersects the horizontal water content 
line of 10 lbm/MMscf at a point in which the temperature is about 10°F, 
which represents the minimum temperature (for temperatures less than 
10°F, water will begin to condensate). For a “saturated” gas at 200 psia and 
130°F, lowering the temperature at constant pressure to 10°F will cause a 
condensation of a little less than (600 – 10) = 590 lbm/MMscf. The volume 
of 590 lbm of liquid water is equal to 1.68 STB of water because the density 
of water at standard conditions is 350 lbm/STBW.

■■ FIGURE 1.5 Water vapor content of natural gas at saturation.
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Problem 1.9
Show a way of finding the dewpoint curve for three different water con-
tents using charts like the one shown in Fig. 1.5.

Solution
The dewpoint curve can be obtained as follows:

■ On the chart, draw a horizontal line corresponding to a particular value 
of the water content Ws.

■ Read the dewpoint temperatures for various pressures at the intersec-
tions of the horizontal line with each pressure line.

■ Plot each pair of temperature and pressure on a semilog graph where 
the x-axis corresponds to the temperature and the y-axis corresponds 
to the pressure. This curve represents the dewpoint curve. If the condi-
tion of the gas falls to the left of this curve, water condensation will 
occur.

Thus, for water contents of 300, 200, and 100 lbm/MMscf, the results shown 
in Table 1.4 can be found from charts like the one shown in Fig. 1.5.

These pressures and temperatures are plotted as shown in Fig. 1.6.

1.5 HYDRATES
Hydrates are solid crystals created by a reaction of natural gas with water 
at conditions that can be much greater than the freezing point of pure water. 
Hydrates are composed of approximately 10% hydrocarbons and 90% water.

If free water is present, hydrates will form when the gas temperature is less 
than the so-called “hydrate-formation temperature,” which depends on the 

Table 1.4 Presures and Temperatures for Each Water Content

300 lbm/MMscf 200 lbm/MMscf 100 lbm/MMscf

T (°F) P (psia) T (°F) P (psia) T (°F) P (psia)

195 2500 175 2500 145 2500
177 1500 160 1500 130 1500
165 1000 145 1000 118 1000
145 600 128 600 103 600
130 400 115 400 92 400
108 200 92 200 72 200
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gas composition and its pressure. The hydrate-formation temperature should 
not be confused with the dewpoint temperature. The dewpoint temperature 
is the temperature at which water begins to condensate. In order for hydrates 
to form, it is necessary that free water be present. Therefore, the hydrate-for-
mation temperature must be less than or equal to the dewpoint temperature. 
The dewpoint curve can be found from Fig. 1.5 as shown in problem 1.9.

Conditions that promote hydrate formation are:

■ gas at a temperature less than or equal to its water dewpoint 
temperature (with free water present)

■ low temperatures
■ high pressures
■ presence of H2S and CO2.

If the natural gas is saturated with water, part of the water vapor will con-
dense if the temperature is reduced. As mentioned earlier, it is recommend-
ed not to exceed water content of 7.0 lbm/MMscf to avoid hydrate forma-
tion. Hydrates can form from two types of cooling effects: (1) due to heat 
transfer to the surroundings with no sudden pressure drop, such as in surface 
pipelines, and (2) due to a sudden expansion that takes place in orifices, 
back-pressure regulators, or chokes.

Graphs of the type shown in Fig. 1.7 can give approximate values of the 
hydrate-formation temperature as a function of pressure and specific grav-
ity; see for example the work of Katz (1945). Hydrates will form whenever 

■■ FIGURE 1.6 Dewpoint lines for each water vapor content of a natural gas.
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temperature and pressure plot to the left of the hydrate-formation and water 
dewpoint curves for the specific gas being considered. This figure can be 
used in cases in which a gas is cooled along a pipeline. If the gas is saturated 
with water, the dewpoint temperature curve can be plotted on this graph.

Graphs of the type shown in Fig. 1.7 usually apply only to sweet natural 
gases, but it may be used as a guide for sour gases, keeping in mind that the 
presence of H2S and CO2 will increase the hydrate temperature and reduce 
the pressure above which hydrates will form.

Sudden expansion in orifices, back pressure regulators, flow provers, or any 
other restriction along the gas injection lines, is accompanied by a tempera-
ture drop, which may cause hydrate formation. Charts like the one shown 
in Fig. 1.8 can be used to approximate the conditions for hydrate formation; 
see for example the work of Katz (1945). They were developed for sweet 
gases, but can be used as a guide for sour gases knowing that the presence of 
CO2 and H2S will increase the minimum exit (or downstream) pressure and 
will increase the minimum initial (or upstream) temperature. These charts 
can be used in two ways:

■ If the initial pressure and temperature are known, the charts can be 
used to predict the minimum downstream pressure of the gas at the exit 
of the restriction. A horizontal line is drawn from the initial pressure 
until it intersects the corresponding entrance (or initial) temperature. 

■■ FIGURE 1.7 Pressure and temperature conditions for hydrate formation of sweet 
natural gases of different specific gravities.
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From that intersection point, a vertical line is drawn downwards to 
the horizontal axis. The pressure that is read at the horizontal axis 
corresponds to the minimum final or exit pressure.

■ If the upstream and downstream pressures are known, the minimum 
initial temperature can be found using these charts. The point with 
coordinates equal to the final and initial pressures is plotted on the 
graph. If the point lies on one of the minimum temperature curves, then 
that is the minimum temperature the gas must have at initial conditions. 
If the point lies between two minimum initial temperature curves, then 
the minimum temperature at the entrance must be interpolated between 
these two values.

Problem 1.10
A 0.6-gravity gas is to be expanded from a pressure of 1000 psia at 80°F. 
Determine the minimum final pressure for no hydrate formation.

Solution
From charts like the one shown in Fig. 1.8 for a 0.6-gravity gas, the inter-
section of the 1000 psi initial pressure (horizontal) line with the 80°F initial 

■■ FIGURE 1.8 Permissible expansion of a given specific gravity natural gas without 
hydrate formation.
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temperature curve gives a final pressure of 340 psia. Therefore, lowering 
the pressure below 340 psia will probably result in hydrate formation if free 
water is present.

Problem 1.11
A 0.6-gravity gas is to be expanded from 800 psia to 400 psia. Determine 
the minimum initial gas temperature to avoid hydrate formation.

Solution
From charts like the one shown in Fig. 1.8 for a 0.6-gas gravity gas, the 
800 psia initial pressure (horizontal) line intersects the 400 psia final pres-
sure (vertical) line at an initial temperature of approximately 69°F. There-
fore, if the gas at the entrance is cooler than 69°F, at 800 psia, hydrates may 
form if the gas is expanded to 400 psia and free water is present.

Problem 1.12
A 0.6-gravity gas is to be expanded from a pressure of 800 psia at 110°F. 
Determine the minimum final pressure for no hydrate formation.

Solution
From charts like the one shown in Fig. 1.8 for a 0.6-gravity gas, the 800 psi 
initial pressure (horizontal) line does not intersects the 110°F initial tem-
perature curve. Hence, this gas may be expanded to atmospheric pressure 
without hydrate formation.

1.6 SPECIFIC HEAT RATIO
The partial derivative of the internal energy per unit mass, ug, in Btu/lbm, 
with respect to the temperature, T, at a constant specific volume, is called 
specific heat at constant volume, Cv:

=
∂
∂







C
u

Tv
g

v (1.34)

The partial derivative of the enthalpy per unit mass, hg, in Btu/lbm, with 
respect to the temperature, T, at a constant pressure, is called specific heat 
at constant pressure, Cp:

Cv=∂ug∂Tv
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The specific heat ratio, Cp/Cv, denoted here as k′, is an important variable 
used in the design of compressors and in calculations of the gas flow rate 
through orifices and flow control valves. Simple correlations that can be 
used to calculate the specific heat ratio are usually presented in the follow-
ing form:

′ =k
a

T b 
(1.36)

Where T is the gas temperature in °R, and a and b are functions of the gas 
specific gravity. One example of this type of correlations was presented by 
Faires (1948).
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2
Single-phase flow

Liquids and gas from the formation reach the flow station through a series 
of pipes, which are traditionally called the “production tubing” for the pipe 
that goes from the formation to the wellhead and the “flowline” for the pipe 
from the wellhead to the separator. Even though the production tubing is 
mostly vertical and the flowline is horizontal, it is possible to have produc-
tion tubing strings with inclination angles from 0 to 90 degrees with respect 
to the vertical and flowlines with inclination angles from −90 degrees 
(downward flow) to + 90 degrees (upward flow) with respect to the hori-
zontal. From the separator, gases and liquids flow separately through gas 
and liquid gathering systems of different levels of complexity. On the other 
hand, the injection gas out of the compressor is transported to each well 
through a gas distribution system, which consists of the main gas lines, 
manifolds, and individual gas lines to each well. The injection gas can be 
injected down the annulus of the well and liquids produced up the produc-
tion tubing or vice versa. There might be flow restrictions (intentionally 
or not), such as chokes or flow control valves, along any of the mentioned 
conduits. The design of a gas lift system requires then calculations of pres-
sure drops in single-phase gas or liquid flows and in multiphase flow in 
pipes, annuli, and restrictions. The different equations and mathemati-
cal procedures for single-phase flows are presented in the chapter while 
multiphase flows are described in chapters: Multiphase Flow; Single and 
 Multiphase Flow Through Restrictions.

2.1 SINGLE-PHASE GAS FLOW
In addition to the cases mentioned previously, single-phase gas flow is found 
in wells in which gas is injected down a pipe parallel to the production tub-
ing or down the production tubing itself, or when gas flows alone up the 
production tubing when, for any unexpected reason, the injection gas is only 
being circulated (with no liquid production) through a gas lift valve, or a 
tubing hole, located above the reservoir static liquid level.
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2.1.1 Static gas gradients in vertical pipes  
and annuli
In the great majority of cases in gas lift wells, gas is injected down the annu-
lus between the casing and the production tubing. Typical production tubing 
nominal sizes are 2⅜, 2⅞, 3½, and 4 in. in diameter and the smallest casing 
size is usually 5½ in. in diameter. Under these geometry configurations, 
frictional pressure drops are negligible even for very large gas flow rates and 
the bottomhole injection pressure is approximately equal to the surface gas 
pressure plus the hydrostatic pressure due to the weight of the gas column. 
The objective of the calculation procedures that are described next is to find 
a parameter, called the “gas pressure factor”, that gives the bottomhole pres-
sure when it is multiplied times the surface gas pressure assuming that the 
frictional pressure drop is negligible. The expression being sought must then 
have the following form:

P = f Pf sg (2.1)

Pf is the bottomhole gas injection pressure, Ps is the surface gas injection 
pressure, and fg is the gas pressure factor, which is a function of the surface 
injection pressure itself and the true vertical depth of the point where Pf is 
calculated. As it is explained in chapter: Gas Properties, the gas density can 
be calculated from:

ρ =
P

ZR Tg 
(2.2)

Where ρ is the gas density, P and T are, respectively, the absolute pressure 
and temperature of the gas, Z is the gas compressibility factor, and Rg is the 
universal gas constant, Ru, divided by the gas apparent molecular weight, 
Map. A differential change in pressure due to a differential change in depth 
can be expressed as:

ρ=






dP
g

g
dX

0 
(2.3)

Where X is the true vertical depth from the surface, g is the acceleration due 
to gravity equal to 32.174 ft./s2, and g0 is the proportionality constant equal 
to 32.174 (lbm-ft)/(lbf-s2). Introducing Eq. 2.2 in 2.3 yields:

=
















dP
P

ZR T

g

g
dX

g 0 
(2.4)

Pf=fgPs

ρ=PZRgT

dP=ρgg0dX

dP=PZRgTgg0dX
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If oil field units are used and depth X is expressed in Mft., then:
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(2.5)

As mentioned earlier, Rg is equal to the universal gas constant, Ru, divided 
by the apparent molecular weight, Map, both given as:

R 1544
lbf - ft .

ft . -(lb - mol)- R

Mft .

1000 ft .
1.544

lbf - Mft .

(lb - mol)- Ru

3

2=
°

⋅ =
° 

(2.6)

γ= 



M M

lbm

lb-molap g a
 

(2.7)

Where gg is the gas specific gravity and Ma is the molecular weight of air, 
which is approximately equal to 29 lbm/lb mol. Three different ways of 
integrating Eq. 2.3 are presented next.

Variable gas temperature and fixed compressibility factor The gas tempera-
ture can be approximated as a linear function of the true vertical depth with 
the following equation:

= +T a bX (2.8)

Where a is a constant expressed in °R, b is another constant very similar, if 
not equal, to the geothermal temperature gradient in °R/Mft., and X is the 
true vertical depth in Mft.

If R' is defined as Rgg0/g, and Z is considered a constant equal to the aver-
age compressibility factor along the depth of the well, Eq. 2.4 can then be 
integrated in the following way:

∫ ∫=
+

dP

P ZR'

dX

a bX

1

( )P

P X

0s

f

 
(2.9)

Integrating Eq. 2.9 yields:

( ) ( )= +
+



P P

ZR' b

a bX

a
ln ln

1
lnf s

 
(2.10)

This equation can be expressed as:

= +



P P

bX

a
1f s

ZR'b

1

 
(2.11)

dPpsia=PpsiaZRglbf-Mft.°R-
lbmT°Rgft.s2g0lbm-ft.lbf-s2dXMft.

Ru=1544lbf-ft.3ft.2-(lb-mol)-
°R⋅Mft.1000ft.=1.544lbf-Mft.(lb-mol)-

°R
Map=ggMalbmlb-mol

T=a+bX

∫PsPfdPP=1ZR'∫0XdXa+bX.

lnPf=lnPs+1ZR'blna+bXa

Pf=Ps1+bXa1ZR'b
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Factor fg (for an average value of Z) is then equal to:

= +



f

bX

a
1g

ZR'b

1

 
(2.12)

If Z = 0.895, a = 540°R, b = 10°R/Mft., and gg = 0.727, the following expres-
sion is obtained for the gas factor fg:

= +



f

X
1

54g

1.524

 
(2.13)

This equation was developed for the conditions found in Lake  Maracaibo 
gas lift field for cases in which the specific gas gravity was difficult to 
determine (the gas above the liquid during the liquid column genera-
tion period in intermittent gas lift, for example, is an unknown mixture 
of gas being produced from the formation and injection gas left from 
the previous injection cycle). It is important to indicate that factor b 
( corresponding to the geothermal gradient) is usually around 15.6°R/Mft. 
in Lake  Maracaibo, but 10°R/Mft. gave more accurate results because the 
injection gas along the well’s annulus is usually cooler due to its down-
ward velocity.

Problem 2.1
Calculate the injection pressures at 5000 ft. of depth for the following 
 surface injection pressures: 500, 1000, 1500, and 2000 psig.

Solution
With the value of X equal to 5 Mft., using Eq. 2.13 the gas factor fg is found 
to be:

= +



 =f 1

5

54
1.1444g

1.524

The bottomhole pressure for 514.7 psia is 1.1444 × 514.7= 589.02 psia or 
574.32 psig. In the same way, the bottomhole pressures for surface injec-
tion pressures of 1000, 1500, and 2000 psig are 1146.52, 1718.72, and 
2290.92 psig, respectively.

These results are presented in Fig. 2.1, in which the pressure is plotted on 
the horizontal axis and the true vertical depth is plotted on the vertical 
axis (positive in the downward direction). It can be seen in the figure that 
as the surface injection pressure increases, the deviation angle of the gas 
pressure “line” with respect to the vertical also increases.

fg=1+bXa1ZR'b

fg=1+X541.524

fg=1+5541.524=1.1444
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Although Eq. 2.11 is not linear, the error made if the pressure distribution 
was treated as such is negligible. For example, if the surface injection pres-
sure is equal to 1000 psia, the calculated pressures using this equation for 
5,000 and 10,000 ft. of depth are 1144.4 and 1295.5 psia, respectively. But if 
the equation is assumed to be linear and the pressure at 5000 ft. is calculated 
from a linear interpolation between the calculated pressure at 10,000 ft. and 
the surface pressure, it would be the value of x in the following equation:

−
=

−x1295.5 1000

10000

1000

5000

The value of x (the pressure at 5000 ft.) calculated from this interpolation 
is 1147.5 psia. The difference is 3.1 psia, which is an error of only 0.27%.

An increment in the accuracy of the calculated injection pressure at depth 
found from Eq. 2.11 can be obtained by using in Eq. 2.12 a new value of 
the gas compressibility Z (found from the average of the first calculated 
injection pressure at depth and the surface injection pressure) to modify the 
exponent in Eq. 2.13. For this operation, it is necessary to know the compo-
sition of the injection gas or, at least, its specific gravity.

Variable temperature and compressibility factor If the gas compressibility is 
not considered a constant, Eq. 2.4 can be integrated as:

∫∫ =
+

dP

P R'

dX

Z a bX

1

( )

X

P

P

0s

f

 
(2.14)

Again, R' is defined as Rgg0/g.The compressibility factor can be approxi-
mated as a linear function of depth by:

+Z A B X= z z (2.15)

1295.5−100010000=x−10005000

∫PsPfdPP=1R'∫0XdXZa+bX

Z=Az+BzX

■■ FIGURE 2.1 Bottomhole pressures calculated from the surface injection pressures.
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The following equations were derived by Zimmerman, 1982. Az and Bz 
depend on the surface injection pressure Ps and the gas specific gravity gg 
in the following way:

γ γ
γ

= + − + −
+

−

−

A P

P

1.0009 (3.6059 8.3492 )10 ( ) (2.0677 6.5555

6.0806 )10 ( )
z g

4
s g

g
2 7

s
2

γ γ γ= − + − −− −B P P(3.4157 1.3882)10 ( ) (2.5713 2.3486 0.79398)10 ( )z g
5

s g g
2 8

s
2

The effect of temperature on Z is considered in Eq. 2.15 in the following 
way: the value of Z depends on X only because the gas temperature depends 
on depth. For a given gas specific gravity and surface injection pressure, 
Az and Bz are constants that do not depend on depth, thus Eq. 2.14 can be 
integrated as explained next. If the following parameters are defined as 
A = a(Az), B = a(Bz) + b(Az), C = b(Bz), and Sr = (B2−4A × C)1/2, then 
Eq. 2.14 can be written as:

∫ ∫ ( )=
+ +

dP

P R'

dX

A BX CX

1
P

P X

20s

f

 
(2.16)

Integrating Eq. 2.16, the following result is obtained:
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Defining K5 = 2C(B + Sr), K6 = 2C(B−Sr), K7 = 4AC, and mg = 1/(R'Sr), fg 
can be expressed as:

+
+
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K X K

K X K
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5 7

6 7

mg

 
(2.18)

Again, the gas injection pressure at depth is found by multiplying the sur-
face injection pressure by fg. This equation has proved to be very accurate 
in wells with geothermal conditions similar to the ones existing in Lake 
Maracaibo and it can be easily adapted to other conditions.

Problem 2.2
The injection opening pressure (at downhole operational conditions) of an 
injection-pressure-operated gas lift valve (described in chapters: Gas Lift 
Equipment; Gas Lift Valve Mechanics) at 10,000 ft. of depth is 1530 psig. 
The surface gas injection pressure is 1200 psia. Calculate the gas injection 
pressure at valve’s depth and determine if the valve is opened or closed. 

Az=1.0009+(3.6059−8.3492gg)10
−4(Ps)+(2.0677−6.5555gg+6.080-

6gg2)10−7(Ps)2Bz=(3.4157gg−1.3882)10−5(Ps
)+(2.5713gg−2.3486gg2−0.793-

98)10−8(Ps)2

∫PsPfdPP=1R'∫0XdXA+BX+CX2

lnPf=lnPs+1R'Srln2CXB+Sr+B2−Sr22
CXB−Sr+B2−Sr2

fg=K5X+K7K6X+K7mg



312.1  Single-phase gas flow

The gas specific gravity is not well known and its extreme possible values 
are asked to be investigated. These values are 0.65 and 0.82, for which the 
values of R΄ are 0.082 and 0.06446 (Mft.)/(°R), respectively. Assume a tem-
perature distribution in Eq. 2.8 with a = 548.8 °R and b = 15.6°R/Mft.

Solution
Using the equations presented in this section, the following parameters 
are calculated for each gas specific gravity (Table 2.1).

For a gas specific gravity of 0.65, the gas injection pressure at depth 
is (1.25)(1200) − 14.7 = 1485.3 psig, which is less than the valve’s injec-
tion opening pressure, thus the valve should be closed. For a gas spe-
cific gravity of 0.82, the gas injection pressure at depth would be  
(1.37)(1,200) − 14.7 = 1629.3 psig, which is greater than the valve’s open-
ing pressure, thus the valve should be opened for this specific gravity. 
Fig. 2.2 shows the effect of the gas specific gravity on the injection pres-
sure at depth. Clearly, totally erroneous conclusions could be reached if the 
value of the gas specific gravity is not known.

Iterative method with average temperature and pressure An iterative 
method that is widely used consists in calculating first the average tem-
perature between the surface temperature and the geothermal temperature at 
depth and assuming an initial average pressure throughout the depth of the 
well. Then, with these average temperature and pressure values, Eq. 2.4 is 
integrated with the depth in this case expressed in ft. (not in Mft.) and a gas 
compressibility Zavrg calculated at these initial average conditions of pres-
sure and temperature:

Table 2.1 Parameters Needed in Eq. 2.18

Specific Gravity 0.65 0.82
Az 0.8364 0.7244
Bz 0.008329 0.01314
A 459.05 397.59
B 17.61 18.51
C 0.1299 0.2049
Sr 8.47 4.09
K5 6.78 9.27
K6 2.37 5.91
K7 238.59 326.01
mg 1.44 3.79
fg 1.25 1.37
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Where � is the true vertical depth in ft. After integrating the equation afore-
mentioned, the following expression is obtained:

�γ
=









P P

Z T
exp

0.01875
f s

g

avrg avrg 
(2.19)

Once the pressure at depth, Pf, is found in this way, a new average pressure, 
equal to (Pf + Ps)/2, is calculated and it can be used to determine a new 
value of Zavrg so that Eq. 2.19 can be used again to find a new value of Pf. 
This iteration process is repeated until Pf converges to a reasonably accurate 
value. This calculation procedure is easily understood with the help of the 
flow chart in Fig. 2.3.

Problem 2.3
If the surface injection pressure is 1200 psia, determine the pressure at 
10,000 ft. of depth using Eq. 2.19 with the same temperature distribution 
from Problem 2.2 and a gas specific gravity of 0.82. Compare the outcome 
of the iterations with the result obtained in Problem 2.2 for this gas specific 
gravity.

∫PsPfdPpsiaPpsia=1Zavrg1544lb-
ft.(lb-mol)°RTavrg°Rgg29lbmlb-

mol32.174ft.s232.174lbm-ft.lb-
s2∫0ldXft.

l

Pf=Psexp0.01875gglZavrgTavrg

■■ FIGURE 2.2 Effect of the gas specific gravity.
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Solution
The temperature distribution is [88.8°F + 15.6(°R/Mft.)X(Mft.)]. The tem-
perature at depth is then 244.8°F or 704.8°R and the average temperature 
from the surface to 10,000 ft. of depth is 626.8°R. Using Eq. 2.19, the results 
shown in Table 2.2 are obtained.

The pressure at depth is then equal to 1633.06 − 14.7 = 1618.36 psig, 
which is 11 psig less than the result from Problem 2.2. This error is much 
smaller for shallower depths. As can be appreciated in the Table 2.2, the 
results that follow the second iteration do not change in a significant way.

2.1.2 Gas pressure gradients in vertical pipes 
considering frictional pressure drop
When gas is injected down a small diameter string, parallel to the production 
tubing, or down the production tubing to produce the liquids up the annulus, 
it is important to account for frictional pressure drop while doing trouble-
shooting analyses or mandrel-spacing calculations for the unloading valves. 
Frictional pressure drop also plays a major role along horizontal injection 

■■ FIGURE 2.3 Calculation flow chart for the average pressure and temperature 
method.

Table 2.2 Results of the Iterations

Iteration 
Number

Initial Average 
Pressure (psia) Z Average

Calculated 
Pressure at 
Depth (psia)

Final Average 
Pressure (psia)

1 1200.00 0.820 1616.42 1409.21
2 1409.21 0.796 1632.59 1416.29
3 1416.29 0.796 1633.05 1416.52
4 1416.52 0.796 1633.06 1416.53
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gas lines from the compressor’s discharge to the wellhead and along gas 
gathering lines from the separator to the compressor’s inlet, as explained in 
the next section. Additionally, if the well is circulating gas without liquid 
production, it is sometimes necessary to calculate the frictional pressure 
drop of the gas that is flowing up the production tubing.

When gas is in motion inside a pipe or an annulus, frictional pressure drops 
could become very large. The equation that can be used to calculate the total 
pressure drop in gas flow is derived from the first and second laws of thermo-
dynamics. The first law of thermodynamics applied to a differential mass that 
moves in a small section dL of a pipe, under steady state condition, is given by:

= + +dq dh d e d e( ) ( )c pheat g (2.20)

Where dqheat is the heat per unit mass supplied to the gas, dhg is the differ-
ential increment of the gas enthalpy per unit mass, d(ec) is the differential 
increment of the gas kinetic energy per unit mass, and d(ep) is the differen-
tial increment of the gas potential energy per unit mass. If g is the accelera-
tion of gravity, Vg is the gas velocity, hg is the gas enthalpy per unit mass,  
z is the elevation with respect to a reference point, ρ is the gas density, and 
ug is the gas internal energy per unit mass, then the energy-balance equa-
tion in its differential form can be written in the following way (using the 
definition of hg as ug + P/ρ):

ρ






+ + + − =d
P

gdz V dV du dq 0g g g heat
 

(2.21)

Expanding d(P/ρ) and rearranging terms:

ρ ρ
+ + + +







− =
dP

gdz V dV du Pd dq
1

0g g g heat
 

(2.22)

It is known from the second law of thermodynamics that, for reversible or 
irreversible processes, dug + Pd(1/ρ) is equal to the absolute temperature 
times the differential change of the entropy of the gas, Tds. That is:

ρ
+ + + − =

dP
gdz V dV Tds dq 0g g heat

 
(2.23)

Tds – dqheat is equal to zero if the flow is reversible or greater than zero if it 
is irreversible. Tds – dqheat represents then irreversible losses that are always 
greater than or equal to zero. The energy-balance equation can be written as:

ρ
+ + + =

dP
gdz V dV d(losses) 0g g

 
(2.24)

dqheat=dhg+d(ec)+d(ep)

dPρ+gdz+VgdVg+dug−dqheat=0

dPρ+gdz+VgdVg+dug+Pd1ρ−dqheat=0

dPρ+gdz+VgdVg+Tds−dqheat=0

dPρ+gdz+VgdVg+d(losses)=0



352.1  Single-phase gas flow

From elementary fluid mechanics, losses for a differential pipe length dL 
are defined as:

=d
f V

D
dL(losses)

4

2
F g

2

 
(2.25)

Where fF is the Fanning friction factor, which is the friction factor, f, found 
from the Moody (1944) diagram divided by 4, and D is the pipe inside diam-
eter. The derivation of Eq. 2.25 is presented in Section 2.2.2 for single-
phase, liquid flows, see Eq. 2.107.

If Eq. 2.24 is divided by the acceleration of gravity g and field units are 
used, then:
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(2.26)

Where g0 is 32.174 (lbm-ft.)/(lbf-s2). To integrate Eq. 2.26, the following 

substitutions should be made: =
•
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Where 
•

m is the mass flow rate, which is constant because the flow is under 
steady state condition, At is the cross-sectional area of the pipe, v is the gas 
specific volume, Q is the gas volumetric flow rate, u is the pipe angle with 
respect to the vertical, Ru is the universal gas constant, Ma is the air molecu-
lar weight, gg is the gas specific gravity, T is the absolute temperature, Z is 
the gas compressibility factor, and P is the absolute pressure.

Of all the previous substitutions, the last one is the key for the integration 
of the energy balance equation that is presented later, in which it is assumed 
that, for a differential pipe length dL, there is a differential change in the spe-
cific volume due to a differential change in pressure, while T and Z are treated 
as constants equal to their average values inside dL. The treatment given to 
variables v, z, T, and P is consistent with the numerical method of integration 
that is shown in this section to integrate the energy balance equation.

Introducing these substitutions into Eq. 2.26 and with the appropriate unit 
conversions, it is found that the energy-balance equation can be integrated 
in the following way if field units are used:
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dlosses=4fFVg22DdL

dPρg/g0+dz+VggdVg+4fFVg22gDdL=0

Vg=m•AtvQ=m•vdVg=m•AtdvdzdL=cosu

v=RuMaggTZPdv=−RuMaggTZP2dP

m•

∫P1P2PZT−2.082ggQMM2d4P2.666
5fFQMM2d5±cosuP/(TZ)21000dp=−1

8.74203ggLpipe
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Where QMM is expressed in MMscf/D, P in psia, T in °R, and d is the pipe 
inside diameter in inches. The term 2.082ggQMM

2/(d4P) represents the accel-
eration pressure drop, which is usually very small and many times dropped 
in gas lift design calculations.

In Eq. 2.27, P1 is the inlet pressure in the flow direction and P2 is the outlet 
pressure. Lpipe is the total length of the pipe in feet. The term associated with 
cos(u) is positive if the flow is in the upward direction and negative otherwise. 
Note that when the sign is negative, it is possible that the denominator becomes 
equal to zero (the gas pressure neither increases nor decreases with depth).

For the numerical integration of Eq. 2.27, the pipe is divided into small 
segments of length ∆L, as shown in Fig. 2.4, and the integral can be solved 
using the trapezoidal rule with only two values, at the inlet and the outlet of 
the pipe segment. If In is the value of all terms inside the integral, the trap-
ezoidal rule for one pipe segment establishes:

γ( )( )+ − = − ∆I I P P L
1

2
18.742031 2 2 1 g 

(2.28)

If the value of the inlet pressure P1 is known, the pressure at the exit P2 must 
be calculated so that I2 satisfies Eq. 2.28:

γ
= −

∆
+

P P
L

I I

37.48406
2 1

g

1 2 
(2.29)

If calculations are made in the opposite direction of the flow (because the 
outlet pressure is known but not the inlet pressure), and if the known pres-
sure is now called P1, Eq. 2.29 changes to Eq. 2.30, see Fig. 2.5.

12I1+I2P2−P1=−18.74203gg∆L

P2=P1−37.48406gg∆LI1+I2

■■ FIGURE 2.4 Sign of the cos() term.
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γ
= +

∆
+

P P
L

I I

37.48406
2 1

g

1 2 
(2.30)

The iterative procedure that is used to find the pressure distribution along 
the entire pipe length is given in the flow chart presented in Fig. 2.6, in 
which P2est is the estimated value of the unknown pressure for a particular 
segment, LT is the total length of the pipe and ε is a tolerance number given 
by the designer for the iteration on P2.

P2=P1+37.48406gg∆LI1+I2

■■ FIGURE 2.5 Direction of the calculation process.

■■ FIGURE 2.6 Iterative method for calculating the pressure distribution along the pipe.
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The friction factor, fF, must be calculated for turbulent flow taking into con-
sideration the value of the Reynolds number. The equations given earlier 
were developed for turbulent flow using the Fanning friction factor. For tur-
bulent flow with small Reynolds number, the laminar layer is greater than 
the absolute roughness of the pipe and the friction factor depends on the 
Reynolds number but not on the pipe roughness. For this case, the friction 
factor can be found from the following equation:

( ) −
f

= a f b
1

log R
F

10 e F
 

(2.31)

Where Re is the Reynolds number. Constants a and b must be found from 
experiments. When the Reynolds number is greater than a certain value, 
the friction factor does not depend on the Reynolds number but on the pipe 
roughness. For this case, the friction factor is found from the following 
equation:

ε=
f

a r + b
1

log ( / )
F

10 pipe
 

(2.32)

Where rpipe is the pipe radius in inches and ε is the pipe absolute rough-
ness also in inches. Constants a and b must be found from experiments. 
In most cases the absolute roughness can be approximated as being equal 
0.0006 in.

The following equation, proposed by Jain (1976), is an explicit expression 
for fF (for turbulent flow in general) that shows an acceptable level of accu-
racy and that can be used instead of the equations given earlier (Eqs. 2.31 
and 2.32):
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= − +
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(2.33)

If the friction factor from the Moody (1944) diagram (f = 4fF) is used, the 
previous equation changes to:
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(2.34)

The Reynolds number can be calculated from the following equation:
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(2.35)

1fF=alog10RefF−b

1fF=alog10rpipe/ε+b

1fF=2.28−4log10ε2rpipe+21.25Re0.9

1f =1.14−2log10ε2rpipe+21.25Re0.9

Re=Dft.Vgft.sρlbmft.3mlbmft.-s
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Re is then dimensionless. Usually, the diameter of the pipe is expressed in 
inches and denoted as d, the velocity Vg is found in terms of the gas flow 
rate, the density ρ is determined from the equation of state, and the viscosity 
m is given in centipoise (cP). Therefore, the following steps must be taken to 
find the Reynolds number based on these variables. As described in chapter: 
Gas Properties, the density is found from:

ρ
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The gas velocity is equal to the in situ flow rate divided by the flow area, 
qinsitu/At. The in situ gas flow rate, qinsitu, is related to the gas flow rate at 
standard conditions, qgsc in MMscf/D, in the following way:
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(2.37)

The flow area At can be expressed as:
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The velocity is then equal to:
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Thus Eq. 2.35 can be written as:
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ρlbmft.3=29lbmlbmolggPpsiaZ10.73psia⋅ft.3l

bmol⋅ºRTºR=2.7027ggPZTlbmft.3

qinsituft.3s=qgscMMscf/D106ft.3MMs

cf1D24⋅60⋅60s14.7psiaPpsiaZTºR520
ºR=0.32719qgscZTPft.3s

Atft.2=π4d2in.2144in.2/ft.2=0.005454d2ft.2
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And after simplifying:

γ
µ

=
× q
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2.01 10
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gsc g

 
(2.41)

Where qgsc is the gas flow rate in MMscf/D, d is the pipe inside diameter in 
inches, and m is the gas viscosity in cP.

Eq. 2.27 can be used for cases in which the gas flow rate is equal to zero and 
the pressure increment is due only to the weight of the gas column, as shown 
in the following equation:
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This equation is solved in exactly the same way it was shown previously for 
gas flow rates greater than zero.

In gas lift wells, gas is usually injected down the annulus between the 
production tubing and the casing. The gas flow rate injected in the great 
majority of cases is not large enough to cause significant frictional pressure 
drops, thus the injection pressure at depth is calculated as if the gas column 
was under static conditions. However, in some cases, frictional pressure 
drops in the annulus are not negligible and they must be calculated. The 
pressure at depth in annular flow can be calculated using Eq. 2.27 modify-

ing the frictional pressure drop term to
+
−

f d d Q

d d
2.6665

( )

( )
MMF 2 1
2

2
2

1
2 3 , where d2 is 

the casing inside diameter and d1 is the outside diameter of the produc-
tion tubing. The effective diameter for annular spaces is assumed equal to 
d2 − d1. If the effective diameter is used, Eq. 2.32 for the friction factor 
changes to:

ε[ ]= −
f

a d d + b
1

log ( )/(2 )
F

10 2 1
 

(2.43)

The absolute roughness for annular flow should be greater than 0.0006 in., 
which is the assumed roughness for gas flow in circular pipes. In fact, it 
is difficult to determine the value of the absolute roughness to be used in 
annular flow because the production tubing outer surface is very irregular, 
with tubing couplings and mandrels, for which there is no experimental data 
to estimate the roughness to be used in Eq. 2.43. Some authors recommend 
using up to 0.001 in. for annular flow in oil wells.

Re=2.01×104qgscggmd

∫P1P2PZT±cosuP/(TZ)21000dp=−18
.7420ggLpipe

2.6665fFd2+d1QMM2d22−d123

1fF=alog10d2−d1/2ε+b
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Frictional pressure losses should always be taken into consideration to 
determine if they are significant, especially when doing gas lift designs in 
wells in which, for some reason, the gas is injected down the production tub-
ing or through a small diameter pipe that is parallel to the production tubing. 
Small-diameter parallel injection pipes are used in wells where the casing 
cannot withstand the high gas injection pressures or the injection gas might 
cause corrosion problems to the completion.

Fig. 2.7 shows the effect that friction losses have on the injection pressure 
at depth. Gas is injected at a constant surface injection pressure and, as 
can be appreciated in the figure, the greater the injection gas flow rate is, 
the lower the downhole gas injection pressure becomes. When the gas flow 
rate increases to very high values, the frictional pressure drop can even be 
greater than the increase in pressure due to the weight of the gas column. 
This effect makes it necessary for gas lift mandrels to be placed at shallower 
depths. Gas lift mandrel spacing is covered in chapter: Design of Continu-
ous Gas Lift Installations.

Fig. 2.8 shows what happens in a gas well. If the well is shut in, the pro-
duction wellhead pressure, Pss, plus the weight of the gas column must be 
equal to the static reservoir pressure, Psbh (unless a liquid column exists at 
the bottom of the well, in which case the surface pressure would be lower). 
In order for the well to produce gas, the bottomhole pressure should be 
lower than the static reservoir pressure, Psbh. With a bottomhole flowing 
pressure equal to Pwf1 in the figure, the corresponding wellhead pressure is 
Pwh1 and the pressure distribution, represented by the solid curve, is clearly 
different from the pressure distribution for the well under static conditions 
shown by the dashed line next to the solid curve from Pwf1. This difference 

■■ FIGURE 2.7 Effect of friction on the bottomhole injection pressure.
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increases as the gas flow rate increases. To increase the gas flow rate, the 
bottomhole flowing pressure should be further reduced, as shown for Pwf2; 
because the gas flow rate in this case is greater, the frictional pressure drop 
is larger, increasing the difference between the pressure distributions under 
flowing and static conditions. If the wellhead flowing pressure is as low as 
it can be for current surface-facility operational pressure, the only way to 
increase the gas flow rate is by installing a booster compressor at the well-
head or by using a larger production tubing diameter to reduce the frictional 
pressure drop. It might not be possible to increase the tubing diameter if 
the well produces some amount of liquids because the lower gas velocities 
might make the well load up with liquids; in this case, the liquid is usually 
removed with the use of metallic plungers as explained in chapter: Gas Lift 
Equipment.

Even though this book is not concerned with gas wells, it is necessary to 
explain the available tools to calculate the pressure distribution in upward 
gas flow because in many cases gas lift wells stop producing liquids and the 
injection gas is constantly being circulated up the production tubing. This 
could be due to a poor gas lift design, a cool or damaged unloading valve 
above the static liquid level that would not close, or a hole in the tubing, etc. 
These causes are analyzed in chapters: Continuous Gas Lift Troubleshoot-
ing; Intermittent Gas Lift Troubleshooting.

2.1.3 Gas flow in horizontal pipes
The hydrostatic and acceleration pressure drops are usually neglected in gas 
flow in horizontal pipes. Taking only frictional pressure drop into consider-
ation, Eq. 2.26 can then be written in the following way:

■■ FIGURE 2.8 Effect of friction in gas wells.
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ρ
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(2.44)

Where f is the Moody friction factor, Moody (1944). Usually, the negative 
sign in Eq. 2.44 is dropped because the pressure drop is considered to be 
positive in flow direction. If the density ρ is expressed in lbm/ft.3, the veloc-
ity Vg in ft./s, the diameter D in ft., the length of the pipe L in ft., and g0 is 
equal to 32.2 (lbm ft.)/(lbf s2), then the pressure P is expressed in lbf/ft.2. 
The following steps are taken to express the previous equation in the way it 
is usually presented for horizontal pipe flow.

First of all, the density can be expressed as:
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Where P and T are the average absolute pressure and temperature in the pipe 
segment dL, Z is the gas compressibility factor at the average temperature 
and pressure, M is the gas molecular weight, and gg is the gas specific grav-
ity, equal to M/29, in which the air molecular weight is approximated as 
29 lbm/(lb mol).

On the other hand, the in situ velocity can be expressed in terms of the in 
situ gas flow rate qMMinsitu and the flow area, using the following equation:
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The in situ gas flow rate can be expressed in terms of the gas flow rate at 
standard conditions, qgsc., using the following equation:
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Combining the two previous equations, the in situ velocity can be calculated 
from the following equation:

dPdL=−ρfVg22g0D

ρlbmft.3=PMZRuT=PpsiaMlbmlb-
molZ10.73psia-ft.3(lb-

mol) -∘RT∘R=Ppsia29gglbmlb-m-

olZ10.73psia-ft.3(lb-mol) -∘RT∘R

Vinsituft.s=qMMinsituMMft.3Dπ4d2i

n.21ft.2144in.2106ft.31MMft.31D(24)
(60)(60)s
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PpsiaZ T∘R520 ∘R
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Introducing Eqs. 2.48 and 2.45, Eq. 2.44 can be written as:
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Assuming an average temperature, this equation can be integrated in the 
following way:
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Which gives the following result:
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This equation can be expressed in the following approximate way:
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This equation was derived taking the base temperature and pressure equal to 
520°R and 14.7 psia, respectively. But this equation can be solved for any 
base temperature and pressure, Tbase and Pbase, as:
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(2.53)

The value of C depends on the units used in the equation. Table 2.3 shows 
the values of C for different combinations of units that are frequently used. 
The units of the gas flow rate, q, will depend on the units used according to 
Table 2.3.

Vinsituft.s=qgscMMscf3Dπ4d2in.
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As can be seen in the following problem, if the pressure drop for a given gas flow 
rate is unknown, Eq. 2.52 or 2.53 are solved by an iteration procedure because 
the gas compressibility factor must be calculated for the average pressure (not 
known a priori) and temperature in the pipe. On the other hand, if the gas flow 
rate for a given pressure drop is unknown, the solution is also found by iteration 
because the friction factor, f, depends on the  Reynolds number, which in turn 
depends on the gas flow rate which is unknown. This is shown in Problem 2.5.

Problem 2.4
If the gas flow rate in a horizontal pipe is equal to 300 MMscf/D and the 
outlet pressure is 500 psia, find the required inlet pressure for the fol-
lowing data: Average temperature = 540°R; Gas specific gravity = 0.7; 
pipe diameter = 26 in.; pipe length = 80 miles = 422,400 ft.; pipe rough-
ness = 0.0006 in.; gas viscosity = 0.0115 cP.

Solution
To initiate the iterations, the inlet pressure can be estimated from the pres-
sure drops that are usually found in horizontal pipe flow, which go from 
0.0003 to 0.0006 psi/ft. The value of 0.0004 psi/ft. is taken as the pressure 
drop to begin calculations, so the inlet pressure, P1, is equal to:

P1 = P2 + (0.0004 psi/ft.)(422,400 ft.) = 670 psia approximately.
The average pressure is then (670 + 500)/2 = 585 psia.

To determine the gas compressibility factor, Z, the pseudocritical pressure 
and temperature are found first from Eqs. 1.17 and 1.18:

Tpc = 170.5 + 307.3 (gg) = 170.5 + 307.3 (0.7) = 385.61°R
Ppc = 709.6 – 58.7 (gg) = 709.6 – 58.7 (0.7) = 668.51 psia

The average pseudoreduced pressure and temperature, Ppr and Tpr, are 
calculated as:

Ppr = 585/668.51 = 0.875
Tpr = 540/385.61 = 1.4

Table 2.3 Values of C in Eq. 2.53 for Several Combinations of Units 
Used in the Equation

P T d L q C

psia R in. mi scf/D 77.54
psia R in. ft. scf/D 5634
psia R in. ft. MMscf/D 5.634 × 10−3

KPa K m m m3/D 1.149 × 106
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From charts like the one shown in Fig. 1.2, the value of Z is found to be 
approximately equal to 0.89.

The Reynolds number can be calculated from the following equation:
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The friction factor can be calculated with Eq. 2.34:
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With this equation, the friction factor is found to be equal to 0.009688. With 
this last calculation, all the required parameters needed to calculate the 
inlet pressure with Eq. 2.52 have been found:
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Thus the initial value of P1 is equal to 714.64 psia.

With this new value of P1, the average pressure in the pipe is (714.64 + 
500)/2 = 607.32 psia. The pseudoreduced temperature remains the same, 
but the new pseudoreduced pressure is 607.32/668.51 = 0.908. Using charts 
like the one shown in Fig. 1.2, the new value of Z is 0.885 and, because the 
friction factor does not change, the new value of P1 is found from:
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This gives a new value of P1 equal to 713.61 psia, which is very similar to 
the pressure from the previous iteration and calculations can be stopped 
at this point.

Problem 2.5
Calculate the gas flow rate in an 80-mile long pipe under the following 
conditions: average temperature = 540°R; inlet pressure = 713.61 psia; out-
let pressure = 500 psia; gas specific gravity = 0.7; pipe diameter = 26 in.; 
Pipe roughness = 0.0006 in.; viscosity = 0.0115 cP; gas pseudocritical 
temperature = 385.61°R; gas pseudocritical pressure = 668.51 psia; gas 
 compressibility factor = 0.885.

Re=20011gg qgsc-
md=20011(0.7)(300)(0.0115)(26)=14.05×106

1f=1.14−2logεd+21.25
Re0.9=1.14−2log0.0006-
26+21.2514.05×1060.9

P12=P22+25qgsc2fgg ZTLd5=500
2+2530020.0096880.70.89540422

400265

P12=P22+25qgsc2fgg ZTLd5=500
2+2530020.0096880.70.88554042

2400265
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Solution
With the units in the third row of Table 2.3, Eq. 2.53 can be used in the 
following way:

γ
=

° −











−

q
P P

fTZL
d

5.634 x 10 (520 R)

(14.7psia)gsc

3
1
2

2
2

g

0.5

2.5

The Reynolds number cannot be calculated because the gas flow rate is 
not known; therefore, the friction factor cannot be determined. For this 
reason, the gas flow rate must be found by iteration.

A first value of the friction factor of 0.01 is used to begin the iterations. The 
gas flow rate is then:

= ×
−









=

−q 5.634 10
520

14.7

713.61 500

(0.7)(0.01)(540)(0.885)(422400)
26 MMscf/D

294.24 MMscf/D

gsc
3

2 2 0.5

2.5

With this flow rate, the Reynolds number can be calculated:

γ
µ

= = = ×
q

d
R

20110 20011(0.7)(294.24)

(0.0115)(26)
13.78 10e

g gsc 6

With this Reynolds number the friction factor f is calculated using the fol-
lowing equation:

ε
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= − +









 = − +
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f d

1
1.14 2log

21.25

R
1.14 2log

0.0006

26

21.25

13.78 10e

0.9 6 0.9

From this equation f = 0.00969.

This value of f is used to calculate a new gas flow rate with:

= ×
−









=

−q 5.634 10
520

14.7

713.61 500

(0.7)(0.00969)(540)(0.885)(422400)
26 MMscf/D

298.91MMscf/D

gsc
3

2 2 0.5

2.5

With this gas flow rate, new values of the Reynolds number and the friction 
factor are calculated:

γ
µ

= = = ×
q

d
R

20110 20011(0.7)(298.91)

(0.0115)(26)
14 10e

g gsc 6

qgsc=5.634x10-
3520ºR14.7psiaP12−P22ggfTZL0.5-

d2.5

qgsc=5.634×10−352014.7713.612
−50020.70.015400.8854224000.52

62.5MMscf/D=294.24MMscf/D

Re=20110gg qgsc-
md=20011(0.7)(294.24)(0.0115)(26)=13.78×106

1f=1.14−2logεd+21.25
Re0.9=1.14−2log0.0006-
26+21.2513.78×1060.9

qgsc=5.634×10−352014.7713.612
−50020.70.009695400.885422400
0.5262.5MMscf/D=298.91MMscf/D

Re=20110gg qgsc-
md=20011(0.7)(298.91)(0.0115)(26)=14×106
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ε
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f d

1
1.14 2log

21.25
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1.14 2log

0.0006

26

21.25

14 10e
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f is then equal to 0.009689 and the new gas flow rate is 298.92 MMscf/D, 
which is very similar to the gas flow rate from the previous iteration.

The previous problems illustrate the fact that iterations are needed to find the 
pressure drop or the gas flow rate. If the gas flow rate and pressure drop are 
known (which is usually the case in gas line designs) and it is desired to find 
the pipe diameter, it will still be necessary to iterate because the diameter 
should be known to calculate the Reynolds number and the friction factor. This 
has promoted the development of equations that can be used to find the friction 
factor, f, so that iterations are not necessary when calculating the pipe diameter 
or the gas flow rate. These equations can depend on the Reynolds number or 
the tubing diameter only. None of them depends on the pipe roughness.

The well-known Weymouth (1912) equation, for example, introduced the 
following equation to calculate the friction factor used in the Moody (1944) 
diagram:

=f
d

0.032
1/3 

(2.54)

Where d is the pipe inside diameter in inches.

With this simplification, Eq. 2.53 changes to:

γ
( )
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−
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base
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2

2
2 16/3

g
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(2.55)

Where qh is the gas flow rate in cubic feet. per hour at the base pressure and 
temperature, Pbase and Tbase, respectively, while d is expressed in inches, the 
temperature in °R, the pressure in psia, and L in miles. If the gas flow rate 
is expressed in ft.3/D, then the number “18.062” in the equation changes 
to “433.5.”

Another way of eliminating the iterative process for calculating the gas flow 
rate or the pipe diameter is achieved by using the so-called Panhandle A or 
B equations.

For Panhandle A equation, the friction factor is calculated from:

=f
0.085

Re
0.147

 
(2.56)

1f=1.14−2logεd+21.25Re0.9=1.14
−2log0.000626+21.2514×1060.9

f=0.032d1/3

qh=18.062TbasePbaseP12−P22d16/3
ggTLZ0.5

f=0.085Re0.147
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The equation for gas flow in pipes is then:
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TLZ
d435.87

1base

base

1.07881
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2

2
2 0.5394 0.4604

2.6182
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(2.57)

q is given in ft.3/D at Tbase and Pbase and all the other terms have the same 
units used in the Weymouth equation.

For Panhandle B, the friction factor is:

=f
0.015

Re
0.0392

 
(2.58)

The equation for gas flow in pipes is then:
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(2.59)

The units in this equation are the same ones used in Eq. 2.57.

Problem 2.6
Using the data for Problems 2.4 and 2.5, calculate the gas flow rate with 
the Weymouth, Panhandle B, and Panhandle A equations and compare the 
results with the one obtained from the general pipe flow equation. Data: 
inlet pressure = 713 psia; outlet pressure = 500 psia; pipe diameter = 26 in.; 
pipe length = 80 miles or 422,400 ft.; gas specific gravity = 0.7; average 
temperature = 540°R; gas compressibility factor = 0.885.

Solution
Terms common to all equations are calculated first:

−
=

−
=

P P

TZL

713 500

(540)(0.885)(80)
6.75791

2
2
2 2 2

= =
T

P

520

14.7
35.3740base

base

Weymouth:
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= =q 433.5(35.374)(6.7579)
1

0.7
(26) 282985415

ft.

D
282.99 MMscf/D0.5

0.5
2.667

3

Panhandle B:

= 





= =q 737(35.374) (6.7579)
1

0.7
(26) 335825656

ft.

D
335.83 MMscf/D1.02 0.51

0.49
2.53

3

q=435.87TbasePbase1.07881P12−P2
2TLZ0.53941g0.4604d2.6182

f=0.015Re0.0392

q=737TbasePbase1.02P12−P22TLZg

0.9610.510d2.530

P12−P22T
ZL=7132−50025400.88580=6.7579

TbasePbase=52014.7=35.3740

q=433.535.3746.75790.510.70.52
62.667=282985415ft.3D=282.99M

Mscf/D

q=73735.3741.026.75790.51
10.70.49262.53=335825656

ft.3D=335.83MMscf/D
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Panhandle A:

= 



 =

=

q 435.87(35.374) (6.7579)
1

0.7
(26) 341503386.1

ft.

D
341.5 MMscf/D

1.0788 0.5394
0.4604

2.618
3

As can be seen, the results do not coincide for any of the equations used 
and they are different from the 300 MMscf/D obtained from the more rig-
orous equation used in Problems 2.4 and 2.5. If 300 MMscf/D is assumed to 
be the correct value, then the Weymouth equation must be multiplied by 
an efficiency factor equal to 1.06, while the Panhandle B and A should be 
multiplied by 0.893 and 0.878, respectively. It is difficult to know which of 
these equations should be used. Panhandle A equation is usually recom-
mended for Reynolds number in the transition region and Panhandle B for 
totally turbulent flows.

In general, if the pipe roughness is known, Eq. 2.53 is recommended for 
finding the gas flow rate. But even for the most rigorous procedures, it is 
possible that some restrictions caused by liquids or solid depositions make it 
necessary for Eq. 2.53 to be multiplied by an efficiency factor E′ that would 
take care of these flow restrictions. Table 2.4 can be used to estimate the 
efficiency factors for three different liquid contents.

As can be seen in Table 2.4, the presence of liquids in the gas can signifi-
cantly reduce the gas flow rate for a given pressure drop in a gas pipe. This 
is very important in gas lift fields because the available injection pressure 
at the wellhead should be close to the one considered in the design of the 
gas lift completion. It is not unusual to find gas lift fields with large pressure 
drops along the gas injection lines caused by liquid accumulation or solid 
depositions (such as hydrates or debris).

When the pipe’s inlet and outlet are at different elevations, the equations for 
“horizontal” gas flow in pipes (with some modifications) can be used with a 
reasonable level of accuracy. For this purpose, Eq. 2.19 can be used as one of 
the different available alternatives to add or subtract the gas column weight 

q=435.8735.3741.07886.7579
0.539410.70.4604262.618=34

1503386.1ft.3D=341.5MMscf/D

Table 2.4 Efficiency Factors for Different Liquid Contents

Type of Gas Liquid Contents, gal/MMcf E′

Dry gas 0.1 0.925
Associate gas 7.5 0.775
Condensate 800 0.65
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caused by the difference in elevation. This pressure correction can be made 
for the entrance or the exit pressure. The approximation consists in treating 
the problem as if the flow was totally horizontal, calculating the pressure drop 
for the entire length of the pipe but modifying the exit or entrance pressure 
by adding or subtracting the hydrostatic pressure, depending on the elevation 
difference. To illustrate this approximate method, Eq. 2.53 can be written as:
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(2.60)

P'2 is the outlet pressure if the pipe was horizontal and L is the total length of 
the pipe, not the horizontal length. Because there is an elevation difference, 
pressure P'2 can be calculated using Eq. 2.19:

P P
ZT

exp
0.01875

2 2
g�γ
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(2.61)

Where  is the outlet minus the inlet elevation (referred to some arbitrary 
point). If the outlet of the pipe is below the inlet,  is negative. In this way 
the hydrostatic pressure is subtracted from the real pressure P2 to change it 
to the pressure that would exist at the exit of the pipe if it was horizontal. 
Eq. 2.53 is then equal to:
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If the correction is made for the entrance pressure, it is then calculated as:
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(2.63)

A more rigorous equation to calculate the gas flow rate when there is an 
elevation difference is given as:
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(2.64)

In a gas lift field, it might be necessary to modify the gas flow rate through 
gas injection lines while keeping the pressure drop at constant levels. 

q=CTbasePbaseP12−P'22ggfTZL0.
5d2.5

P92=P2exp0.01875gglZT

q=CTbasePbaseP12−P22exp0.0375g

glZTggfTZL0.5d2.5

P91=P1⋅exp−0.01875gglZT

q=CTbasePbaseP12−P22⋅exp0.0375g

glZTggfTZexp0.0375gglZT−1L0.037
5gglZT0.5d2.5
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For example, the number of wells that are connected to the main gas lines 
of the gathering system could increase with time. It is also possible that, 
due to a decrease in the reservoir pressure, the separator pressure should be 
reduced to lower the production wellhead pressure. This pressure reduction 
increases the gas velocity and, in consequence, the frictional pressure drop 
is also increased. To solve these problems, it is necessary to modify the 
capacity of the gas gathering lines to handle larger gas flow rates at fixed 
pressure conditions or the same gas flow rate at different pressures. On the 
other hand, if new compressors are installed in the field, the main gas dis-
tribution lines should also be somehow modified to handle the increase in 
the injection gas flow rate, keeping the injection pressure at the wellhead 
unchanged.

Increasing the gas handling capacity of a gas line does not necessarily 
means replacing the entire line. There are three more economical ways of 
achieving this goal: (1) Replace only one section of the gas line by another 
of a larger diameter, (2) Connect an additional line in parallel along the 
entire length of the old line or only along part of it (this is called “loop-
ing”), or (3) a combination of the two previous solutions. The first solution 
implies the use of different lines in series. Fig. 2.9 shows a pipe with inside 
diameter d1 and length L. A portion of this line is replaced with a pipe with 
inside diameter d2 and length L2, which leaves essentially two different lines 
in series. Usually, the larger diameter pipe is installed at the exit end of the 
line because that is where gas velocities are larger due to the lower pressure 
of the gas flow.

An approximate way of calculating the increase in the gas flow rate when 
part of the line is replaced by a larger diameter pipe is presented next.

If the pressure drop, P1−P2, is kept constant, the task is then to find the 
increase in the gas flow rate that can be handled by the use of a larger diam-
eter pipe segment. Eq. 2.55 can be written as:

=






q k'
d

L

16/3 0.5

 
(2.65)

The length L is then found from:

=L k
d

q

16/3

2
 

(2.66)

This equation states the fact that, to sustain a given gas flow rate for a fixed 
pressure drop, the length of the line is proportional to its diameter raised to 
16/3. In other words, if the pipe diameter is increased, the distance the gas 

q=k'd16/3L0.5

L=kd16/3q2

■■ FIGURE 2.9 Pipes in series.
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can travel for the same pressure drop and gas flow rate is also increased. 
Therefore, the equivalent length L'1 of a pipe with diameter d1 that would 
have the same pressure drop found in a pipe with diameter d2 and length L2 
is given by:

=






=






L'

L

d

d
L' L

d

d
or1

2

1

2

16/3

1 2
1

2

16/3

 
(2.67)

And the pipes in series shown in the figure would have an equivalent length, 
L1eq, equal to:

= + = +L L L' L L d d( / )1eq 1 1 1 2 1 2
16/3

 (2.68)

The gas flow rate through these pipes in series for a pressure drop P1– P2 
and a given average temperature is calculated with this equivalent length 
using Eq. 2.55:
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This is only an approximation because the pressure and temperature distri-
butions are affected by the pipe configuration (in Fig. 2.9, for example, it is 
not the same to install the pipe with diameter d2 at the entrance or at the exit, 
but the difference in the net effect is very small).

The gas flow rate before installing the larger diameter pipe segment is:
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(2.70)

For the same pressure drop, average temperature, and gas specific grav-
ity, the following equation gives an approximate value of the gas flow rate 
increase that can be expected by replacing part of the pipe as shown in the 
figure:

( ) ( )
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(2.71)

Problem 2.7
Five miles of a 15-mile long gas pipe with a constant inside diameter of 5 in. 
is replaced with a 7-in. diameter pipe. Calculate the approximate increase 
in the gas flow rate that can be achieved for the same pressure drop.

L'1L2=d1d216/3 or L'1=L2d1d216/3

L1eq=L1+L'1=L1+L2(d1/d2)16/3

qnew=18.062TbasePbaseP12−P22d1
16/3ggTL1eqZ0.5

qold=18.062TbasePbaseP12−P22d11
6/3ggTLZ0.5

∆q%=qnew−qoldqold×100=1/L1eq0.
5−1/L0.51/L0.5×100



54 CHAPTER 2 Single-phase flow

Solution
The equivalent length of the new 7-in. diameter section is:

L’1 = 5 (5/7)16/3 = 0.831 miles

And the equivalent length, L1eq, of the pipes in series is 10 + 0.831 = 
10.831 miles. The increment in the gas flow rate is approximately calcu-
lated as:

( )
∆ =

−
× =

−
× =q

L L
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(1/ )
100

(1/10.831) (1/15)

(1/15)
100 17.68%
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0.5

0.5 0.5

0.5

Eq. 2.67 was derived using the Weymouth equation. If the pipes in series 
have different friction factors, the following equation can be obtained from 
Eq. 2.53 following the same steps used in the derivation of Eq. 2.67:

=












L' L
f

f

d

d1 2
2

1

1

2

5
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Where L'1 is the length of a pipe with diameter d2 and friction factor f2 
equivalent to a pipe of diameter d1 with friction factor f1 and length L1.

Calculation of P3 at the junction of two pipes with diameters d1 and d2 
can be done with the simultaneous application of Eq. 2.55 and using 
the fact that the gas flow rate is the same for both pipes. For pipe L2 in 
Fig. 2.9:
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For pipe L1 in the figure, the gas flow rate is:
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(2.74)

Combining the two previous equations:
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This equation can be solved by trial and error, changing the value of P3 until 
the equation is satisfied. Eq. 2.67 can be extended to three or more pipes in 
series, considering the fact that the gas flow rate through them is the same 

∆q%=1/L1eq0.5−1/L0.
51/L0.5×100=1/10.831-

0.5−1/150.51/150.5×100=17.68%

L'1=L2f2f1d1d25

q=18.062TbasePbaseP32−P22d116/3
ggTL1'Z3−20.5

q=18.062TbasePbaseP12−P32d116/3
ggTL1Z1−30.5

P32−P22L1'Z3−2=P12−P32L1Z1−3
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and the total pressure drop is the sum of the pressure drop at each of the 
pipes in series. Applying Eq. 2.55 to three pipes in series for which the inlet 
pressure is P1 and the outlet pressure is P4:
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(2.76)

Where qt is the total gas flow rate. Because q1, q2, and q3 are each equal to 
qt, the following equation is valid:
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Where Leq is the length of the pipe with a uniform diameter d equivalent to 
the length of the three pipes.

If Eq. 2.53 is used, following the steps explained earlier, it can be demon-
strated that:
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Parallel lines also increase the gas flow rate capacity. In this case, for a 
constant pressure difference, the gas flow rate of two pipes in parallel is 
equal to q1 + q2, where q1 is the gas flow rate in the pipe with diameter d1 
and q2 is the gas flow rate through the additional pipe with diameter d2. 
q2 is then the net gas flow rate increment. The lengths of both lines are 
in this case equal to L. If Eq. 2.55 is used for a given differential pres-
sure, then:

q d dConstant ( ) Constant ( )16/3 0.5 8/3= = (2.79)

The percent increment in the gas flow rate is then:
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Problem 2.8
A 15-mile long, 7-in. diameter pipe is connected in parallel to an existing 
5-in. pipe of the same length. Calculate the percent increment in the gas 
flow rate that is achieved by using both lines in parallel.

P12−P42=ggZTqt2Pbase2Leq18.
0622Tbase2d16/3=ggZTPbase218
.0622Tbase2q12L1d116/3+q22L2-

d216/3+q32L3d316/3

Leqd16/3=L1d116/3+L2d216/3+L3d316/3

fLeqd5=f1L1d15+f2L2d25+f3L3d35

q=Constant (d16/3)0.5=Constant (d8/3)

∆q%=q2q1x100=100d2d18/3
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Solution
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If the parallel lines are of different lengths but still connected at both ends, 
Eq. 2.79 changes to:
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 (2.81)

The percent increment in the gas flow rate is then:
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Where L1 is the length of the existing line and L2 is the length of the parallel 
line connected to both extremes of the initial line. For three or more lines 
connected in parallel, the total gas flow rate is the sum of the gas flow rate 
through each pipe and the pressure drop is the same for all pipes. Using the 
Weymouth equation, the following expression for the equivalent length is 
derived:
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Where Leq is the equivalent length a pipe with a diameter d would have for 
the same gas flow rate and pressure drop of the three pipes in parallel:
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If Eq. 2.53 is used instead of the Weymouth equation, a more general equa-
tion that takes into account the different friction factors each parallel pipe 
might have is given as follows:









 =







+






+






d

fL

d

f L

d

f L

d

f L

5

eq

0.5

1
5

1 1

0.5

2
5

2 2

0.5

3
5

3 3

0.5

 
(2.85)

Only part of the pipe might be connected in parallel to another pipe, as 
shown in Fig. 2.10. This arrangement is frequently found in gas lift fields 

∆q%=q2q
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because of the increase in gas flow rate handling capacity it can provide at 
a very low cost.

As can be seen in Fig. 2.10, the lines partially connected in parallel can be 
shown as a system of lines in series, see Fig. 2.10b. The Weymouth equation 
for the lines in parallel establishes:
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From Eq. 2.84, lines L1 and L2 can be replaced with a single line of diameter 
d′12 and of equivalent length L′12:
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From which the equivalent length of the lines in parallel is:
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The initial lines, section L1 and L3, have the same diameter. If the equivalent 
diameter of the lines in parallel, d′12, is chosen to be equal to the initial line 
diameter (= d1 = d3) and if the length L1 is equal to L2, Eq. 2.88 can be writ-
ten as:
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q=Constantd16/3L0.5

d'1216/3L'120.5=d1L10.5+d2L20.5

L'12=1d1d12'8/31L11/2+d2d12'8/31L21/22

L'12=11L11/21+d2d38/32

■■ FIGURE 2.10 Lines partially connected in parallel. (a) Line L2 partially connected in parallel 
to line L1+L3 and (b) Line L’12 (equivalent to the parallel lines), connected in series to line L3.
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The ratio of the gas flow rate q that can be attained by the addition of the 
parallel section over the gas flow rate that could pass through the initial line 
q0 for the same pressure drop is given as:
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Where L0 is the initial pipe length, or L1 + L3, and L′ is the equivalent length 
of the entire arrangement (once pipe L2 is connected), which is equal to 
L′12 + L3.

The percent increment in the gas flow rate obtained by installing L2 partially 
parallel to line L1 + L3 is then:
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Problem 2.9
A 5-mile long, 7-in. diameter pipe is connected in parallel to the first 5 miles 
of a 15-mile long, 5-in. diameter gas line. Calculate the percent increment 
in the gas flow rate obtained by installing the additional pipe in parallel.

Solution
The equivalent length of the two pipes in parallel is:
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The equivalent length of the parallel section in series with the rest of the 
pipe (section L3 = 10 miles) is then:

′′ = + =L 0.419 10 10.419miles

The gas flow rate ratio is then equal to:
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With 33% of the original pipe length connected in parallel to a second 
pipe, an almost 20% increase in the gas flow rate is achieved for the same 
pressure drop.

The following steps should be taken to find a relationship that can serve as 
the basis for generating graphs that would allow a practical determination 
of the increment in the gas flow rate obtained by the installation of lines 
partially connected in parallel:

Eq. 2.90 can be written as:
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This in turn can be rearranged to:

′′ + =






L L L
q

q12 3 0
0

2

 
(2.93)

Using Eq. 2.89 for L′12 gives:
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Defining W = (d2/d3)
8/3 and because L3 = L0−L1, then:
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If the percentage of the existing line to which a parallel line is connected is 
Yp = L1/L0, then:
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This can be expressed as:
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qq0=L0L'12+L30.5

L'12+L3=L0q0q2

11L11/21+d2d38/32+L3=L0q0q2

L11+W2+L0−L1=L0q0q2

Yp1+W2+1−Yp=q0q2

Yp=1−q0q21−1/1+W2
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The existing line diameter d3 is equal to d0. If Eq. 2.53 is used instead of 
the Weymouth equation, W becomes (d2/d0)

2.5(f0/f2)
0.5, where f0 is the friction 

factor of the original line and f2 is the friction factor of the new line con-
nected in parallel to the existing line.

Gas velocities in gas lines can sometimes be very large. It is important then 
to be aware of the maximum allowed gas velocity to avoid erosion of the 
pipe, especially in old installations with pipes that might fail and where, 
additionally, solid particles (which are the products of corrosion) can travel 
at high speeds. The problem could be serious for in situ velocities above 
60 ft./s; however, it is very difficult to estimate the gas velocity at which 
erosion problems begin to occur. Despite the complexity of the problem, 
attempts have been made to calculate the erosion velocity, relating it to the 
density of the gas being transported, as given in the next equation:

ρ=V C/e (2.98)

Where Ve is the erosion velocity (or maximum allowed velocity) in ft./s, ρ is 
the gas density in lbm/ft.3 and C is a constant that could go from 70 to 160. 
Some experts have found C = 100 to be appropriate for most practical cases. 
Knowing that the gas density (as indicated in chapter: Gas Properties) can 
be written as γ ( )P ZR T29 /g u  and taking C equal to 100:

γ ( )
=V

P ZR T

100

29 /
e

ug 

(2.99)

Where Z, P, and T correspond to the in situ conditions, Ru is the universal 
gas constant, and gg is the gas specific gravity. If qsc is the gas flow rate at 
standard conditions, the previous equation can be written as:

γ
( )= ×q A

P

ZT
1.86 10 tsc

5

g 
(2.100)

Where qsc is expressed in Mscf/D, At is the flow area in ft.2, P is the lowest 
pressure found in the pipe in psia, T is the temperature in °R at the lowest 
pressure point in the pipe, and Z is the gas compressibility factor at P and T.

As much as it is true that the gas velocity cannot exceed the erosion velocity, 
it is equally important not to have very low velocities because they promote 
liquid accumulation at low points along the pipe. These liquids could cause 
pressure drops and corrosion of the pipe. When the gas flow rate is very low, 
or the pipe will remain close for a long period of time, it is recommended to 
periodically vent the gas line at reasonably high velocities to get rid of the 
liquids. In many gas lift fields, old gas lines are also periodically vented to 

Ve=C/ρ

29Pgg/ZRuT

Ve=10029Pgg/ZRuT

qsc=1.86×105AtPZTgg
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get rid of solid particles that might erode the pipe, cut gas lift valve seats, or 
not allow these valves to close.

Problem 2.10
Determine the maximum gas flow rate that should be allowed through a 
production tubing string in a gas well of 2.875 in. in diameter to avoid ero-
sion of the pipe under the following conditions: 700 psia of minimum pres-
sure at a temperature of 150°F. The gas specific gravity is 0.65 and the gas 
compressibility factor is 0.9.

Solution
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Deciding the size of gas lines to be used in gas lift fields is a complex task. 
It is possible that the number of wells that would need gas injection during 
the first years of operation might be very small and it would not be a good 
decision, from an economic point of view, to install a large diameter pipe 
that will not be used to its full capacity for a long time. It is important then 
to know that the determination of the size of a gas line to be installed is not 
based solely on technical facts but also on economic considerations. But the 
economic concepts that are applied in the design of pipelines for transporta-
tion of natural gas to be used for domestic or industrial purposes are differ-
ent from the ones handled by the design of gas lift fields, where the most 
important points are:

■ The pressure drop from the compressor to the wellhead should be 
minimized to be able to place the point of injection as deep as possible 
in the well and to guarantee a stable operation. This is achieved by the 
correct selection of the injection gas line diameters and the adequate 
determination of the number and locations of main (or high pressure) 
manifolds and local manifolds from which gas lines are directed to 
individual wells.

■ Gas lines also serve as storage volumes for high and low pressure 
injection gas. If these storage volumes are properly designed, injection, 
and gathering pressure fluctuations are minimized. These pressure 
fluctuations are caused by many factors: intermittent gas lift wells, 
wells that are suddenly shut in or put back in production, compressor 
shut downs or start ups, etc.

qsc=1.86x105AtPZTgg=
1.86x105π42.875122700

0.96100.65=11744 Mscf/D



62 CHAPTER 2 Single-phase flow

■ Provide redundant connections of injection gas distribution to the 
wells and gas gathering lines from the well so that injection gas can be 
transported or gathered in different ways to and from the wells. In this 
manner, if a gas line fails or one compressor trips, the number of wells 
that cannot be kept in production is reduced.

2.2 SINGLE-PHASE LIQUID FLOW
Single-phase liquid flow is present in the production tubing below the gas 
injection point if the pressure is greater than the bubble point pressure. It is 
also found during the first stages of the unloading operation of a well that is 
filled with liquids that need to be taken out of the well. It is important then to 
be able to calculate static and dynamic liquid gradients for mandrel spacing 
and gas lift design in general.

Equations to calculate the pressure drop in single-phase liquid flow and 
pressure gradients in static liquid columns are presented in this section.

2.2.1 Static pressure gradient
There are situations in gas lift design and troubleshooting analyses in which 
it is important to know the pressure profile along a liquid column that is 
moving very slowly or not moving at all. This is what happens, for example, 
during the liquid column generation stage in intermittent gas lift. For this 
case, the bottomhole pressure at the operating valve’s depth is equal to the 
wellhead pressure plus the hydrostatic pressures of the gas and liquid col-
umns above the operating valve.

The bottomhole pressure of a static liquid column in a truly “vertical” pipe 
can be calculated from an equation identical to the one used for static gas 
columns given in Section 2.1.1:

ρ=






dP
g

g
dXL

0 
(2.3)

Where ρL is the liquid density in this case, X is the true vertical depth from 
the surface, g is the acceleration due to gravity equal to 32.174 ft./s2, and g0 
is the proportionality constant equal to 32.174 (lbm ft.)/(lbf-s2). For a pipe 
with an inclination angle u with respect to the vertical, Eq. 2.3 changes to:

ρ θ( )=
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(2.101)

Where X is the measured depth as opposed to the true vertical depth in 
Eq. 2.3. In contrast to what happens in a gas column, Eq. 2.101 is easily 

dP=ρLgg0dX

dP=ρLgg0cosudX



632.2  Single-phase liquid flow

integrated for a liquid column because the liquid density, ρL, is basically a 
constant. For an oil–water mixture, the mixture density is defined as:

ρ ρ ρ( )= + −w w1L w o (2.102)

Where w is the water cut, defined as the volume occupied by the water over 
the total volume occupied by the mixture, ρw is the water density, and ρo is 
the oil density. If this equation is divided by the water density, then the fol-
lowing equation is obtained:

γ γ γ( )= + −w w1f w o (2.103)

Where go is the oil specific gravity, gw is the water specific gravity, which 
is a number very close to unity and can be approximated as such. Using the 
definition of the API gravity GAPI, for which the oil specific gravity is equal 
to 141.5/(131.5 + GAPI), and assuming the specific gravity of water equal to 
unity, the density of the mixture of oil and water can be expressed as:
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Introducing Eq. 2.104 in Eq. 2.101, and expressing the result in integral 
form:
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Where Ps is the surface pressure, Pf is the bottomhole pressure, and L is the 
measured depth of the pipe (assuming it is completely filled with liquids). 
The integral on the right-hand side of the equation is then the true vertical 
depth, Ltv. The pressure at depth is then:

ρ ( )= + + −
+
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If the water-oil mixture is homogeneous, the pressure distribution along the 
pipe is a linear function of the true vertical depth at each point. If, addition-
ally, the pipe is straight (inclined or not), the pressure distribution along the 
pipe is also a linear function of the measured depth.

Problem 2.11
A well has been shut in for a period of time long enough for the bottomhole 
pressure to be equal to the static reservoir pressure. The well is vertical and 
the liquid pressure gradient is 0.433 psi/ft. The depth of the perforations is 

ρL=wρw+1−wρo

gf=wgw+1−wgo

ρL=ρww+1−w141.5131.5+GAPI.

∫PsPfdP=ρww+1−w141.5131.5+GAP

Igg0∫0LcosudX.

Pf=Ps+ρww+1−w141.5131.5+GAPI

gg0Ltv.
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2000 ft. and the static reservoir pressure is 1100 psi. What is the depth of 
the liquid level if the wellhead pressure is equal to 600 psi? Use Eq. 2.13 to 
calculate the gas factor fg in the gas column above the liquid.

Solution
The bottomhole pressure (equal to 1100 psi) must be equal to the well-
head pressure plus the hydrostatic pressure exerted by the gas and the 
liquid columns. If X is the depth of the liquid level in Mft., then the pressure 
Pg just above the liquid level is:

= +





P
X

600 1
54g

1.5240

On the other hand, the contribution of the liquid column is [(2−X)
Mft. × (433)psi/Mft.], because (2−X) is the length of the liquid column in 
Mft. The equation to be solved is then:
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The value of X that satisfies this equation can be found by trial and error. 

To begin the iterations, the gas factor, = +





f
X

1
54g

1.5240

, is assumed to be 

equal to one, which gives a value of X = 0.845 Mft. If this value is used in the 
equation to be solved, the left-hand side of this equation would be equal 
to 1114.48 psi. This value is 14.48 psi greater than 1100 psi. This represents 
11.48/0.433 = 33.45 ft. in excess of the liquid column, so a new value of 
the liquid level depth equal to 0.845 + 0.03345 = 0.87845 Mft. is used. With 
this liquid level depth, the terms on the right-hand side become equal to 
1,100.56 psi, which is 0.56 psi still greater than 1100 psi but very close to 
it. The iterations can continue until a desired level of accuracy is reached. 
Fig. 2.11 shows the pressure distribution (not to scale). If more precision is 

Pg=6001+X541.5240

6001+X541.5240+2−X433=1100

fg=1+X541.5240

■■ FIGURE 2.11 Pressure distribution along the well for problem 2.11.
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required, Eq. 2.13 used in the calculation of the gas pressure at depth can 
be replaced with a more sophisticated equation, like the ones given at the 
beginning of the chapter, as long as the gas specific gravity is known.

Problem 2.12
For the well in Fig. 2.12, find the minimum value of the liquid level depth 
L for which it will be possible to initiate the unloading of the well from the 
first mandrel with a surface injection pressure of 900 psi without having to 
pull the standing valve out of the well. It is assumed that, at the beginning 
of the unloading process, the depths of the liquid levels in the annulus and 
in the tubing are equal and that the gas factor, fg, in the tubing is equal to 
unity. The liquid gradient is equal to 433 psi/Mft. The volumetric capacities 
of the tubing and annulus are 5.788 Br/Mft. and 31.3377 Br/Mft., respec-
tively. Use Eq. 2.13 to find the gas pressure at depth in the annulus.

Solution
When gas is injected down the annulus, the liquids in the annulus are dis-
placed toward the production tubing. A liquid column of length L’ is gen-
erated inside the tubing just when the liquid level in the annulus reaches 
the first mandrel. At that moment, the 900 psi surface pressure plus the 
hydrostatic pressure due to the gas column in the annulus must be equal 
to the hydrostatic pressure of the liquid column of length L’ plus the well-
head production pressure of 40 psi:

+





= ′ +L900 1
2.5

54
433 40

1.524

9001+2.5541.524=433L'+40

■■ FIGURE 2.12 Well to be unloaded.
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This gives a value of L′ equal to 2.13456 Mft. Because the volumetric capac-
ity of the tubing is 5.788 Br/Mft., then a maximum of 12.3548 barrels of 
liquids can be contained in a liquid column of length L′. This volume was 
originally distributed in the tubing and in the annulus, forming a column 
of length (2.5 – L) Mft. The liquid volume balance can be expressed as: 
12.3548 Br = (2.5−L) Mft.(31.3377 + 5.788) Br/Mft., from which the value of 
L is equal to 2.1672 Mft. This means that, with the current well completion, 
a liquid column of only 332 ft. above the first mandrel would allow the well 
to be unloaded without problems.

A liquid column of 332 ft. represents a hydrostatic pressure of only 
143.75 psi, which should be easy to unload. The problem is that 332 ft. of 
liquids in the annulus generates a liquid column of 2134.56 ft. in the tubing 
(because of the difference in the volumetric capacities of the tubing and 
the casing). If the standing valve is installed in the well and L is less than 
2.1672 Mft., it would not be possible to unload the well unless the standing 
valve is pulled out of the well, gas is injected down the annulus until line 
pressure is achieved in the annulus at the wellhead, and the well is given 
sufficient time for the liquids in the tubing to be absorbed by the reservoir 
(if it would not cause any damage to the formation). In this way, the liquid 
level in the tubing might drop to a point in which the production tubing 
pressure at the first valve could be overcome by the gas injection pressure 
in the annulus. Injecting gas into the top of the tubing can also be tried to 
force the liquids back into the formation in less time (again, if no damage 
is caused to the formation).

Problem 2.13
The well in Fig. 2.13 has a 1000-ft. liquid column in the tubing with a pres-
sure gradient of 0.35 psi/ft. Below this column and in the annulus, the liq-
uid pressure gradient is 0.4 psi/ft. On top of the liquid in the annulus and in 
the tubing there is a 2000-ft. gas column. It is assumed that the gas factor 
is equal to unity. It is also assumed that the gas temperature is equal to the 
average geothermal temperature from the surface to 2000 ft. of depth. The 
tubing volumetric capacity is 5.788 Br/Mft. (32.47 ft.3/Mft.) and the annular 
volumetric capacity is 31.3377 Br/Mft. (175.8 ft.3/Mft.).

1. If valves A, B, and C are closed, what should the surface tubing pressure 
be if the surface annular pressure is 40 psi and the liquid level in the an-
nulus and in the tubing are equal?

2. Keeping valves A and B closed, valve C is opened allowing the surface 
pressure in the annulus and tubing to be equalized. What will be the 

■■ FIGURE 2.13 Closed well with tubing-
annulus communication at the bottom.
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new liquid level in the annulus and in the tubing? What will be the new 
gas pressure if it is assumed to be an ideal gas and the temperature is 
constant? Assume the well has not been perforated, so the reservoir 
can neither provide nor absorb liquids.

Solution

1. At the bottom of the production tubing, the pressures in the annulus 
and in the tubing are equal. If the hydrostatic pressure components for 
each side are added and set equal to each other, an equation is found 
that can be solved for the gas pressure in the tubing: In the annulus, the 
bottomhole pressure is: 40 psi + (4000 ft.)(0.4 psi/ft.) = 1640 psi, which 
must be equal to the pressure at the bottom of the tubing. P is the gas 
pressure at the top of the tubing that must be calculated. In the tubing: 
P + (1000 ft.)(0.35 psi/ft.) + (3000 ft.)(0.4 psi/ft.) must be equal to the 
pressure at the bottom of the tubing, which was found to be 1640 psi. 
Therefore: P + 350 + 1200 = 1640. The gas pressure P at the top of the 
tubing must then be equal to 90 psi for the liquid levels in the tubing 
and in the annulus to be at the same depth. Fig. 2.14 shows the pres-
sure distribution diagram (not to scale for didactical purposes) along 
the well’s depth.

2. If valve “C” is opened, the gas pressure in the tubing and in the annulus 
are the same and due to the fact that the pressure at the bottom of 
the tubing must be the same for the tubing and the annulus, the liq-
uid level in the annulus must descend a distance X and the level in the 
tubing must rise a distance Y (because the liquids in the annulus are 

■■ FIGURE 2.14 “Pressure-depth” diagram along the well’s depth.
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heavier than in the tubing). From the volumetric capacities, the follow-
ing expression for Y in terms of X is found:

Y X X(31.3377/5.788)( ) 5.414= =

A pressure balance at the bottom of the production tubing gives:

P X P X(4000 )0.4 (3000 5.414 )0.4 (1000)0.35final final+ − = + + +

Pfinal is the final pressure of the gas in the tubing and in the annulus and 
cancels out. X is then found to be 19.48 ft. Y is then 5.414 times greater, or 
105.5 ft., which is the distance the liquid level in the tubing must rise.

To find the final gas pressure, it is necessary to use the equation of state 
for an ideal gas. Once the pressure and temperature have stabilized, the 
following equation must be satisfied:

P V N R T( )( ) ( )( )( )ufinal total total=

Ru is the universal gas constant and T is the final average temperature. Vtotal 
is the total volume occupied by the gas in the tubing and in the annulus. 
The liquid is incompressible so the total gas volume must be equal to the 
initial volume occupied by the gas in the annulus and in the tubing. The 
initial volume in the annulus is (2 Mft.)(175.8 ft.3/Mft.) = 351.6 ft.3. The initial 
volume of the gas in the tubing is (2 Mft.)(32.47 ft.3/Mft.) = 64.94 ft.3. So 
the total volume is then 416.54 ft.3. Ntotal is the total number of moles of 
the gas, which is the same number of moles initially in the tubing plus the 
number of moles initially in the annulus, so that the total number of moles 
can be calculated as:

N N N
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R T
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R T
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u u
total anular tubing

anular anular tubing tubing= + = +






Panular and Ptubing are the initial pressures in the annulus and in the tubing, 
respectively. Introducing Ntotal in the equation of state for the final condi-
tions gives:
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RuT cancels out and Pfinal can be solved as:

P
V

V
P

V

V
P

351.6

416.54
40

64.94

416.54
90 47.79psifinal

anular

total
anular

tubing

total
tubing= + = + =

Y=(31.3377/5.788) (X)=5.414 X

Pfinal+(4000−X)0.4=Pfinal+(3000+
5.414X)0.4+(1000)0.35

(Pfinal)(Vtotal)=(Ntotal)(Ru)(T)

Ntotal=Nanular+Ntubin
g=(Panular)(Vanular)RuT-
+(Ptubing)(Vtubing)RuT

(Pfinal)(Vtotal)=(Panular)(Vanular)R
uT+(Ptubing)(Vtubing)RuTRuT

Pfinal=VanularVtotalPan
ular+VtubingVtotalPtub-

ing=351.6416.5440+64.94416.5490=47.79 psi
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The final pressure, 47.79 psi, is very close to the initial annular pressure 
due to the fact that the initial annular gas volume is much larger than the 
initial gas volume in the tubing. The final pressure distribution in the well is 
shown in Fig. 2.15 (again, not to scale for didactical purposes).

2.2.2 Dynamic gradient
Frictional pressure drop should be taken into consideration when the liq-
uid is in motion. For steady state, turbulent, incompressible flow in a pipe 
of constant diameter, it has been experimentally found that the shear stress 
on the liquid at the pipe wall is directly proportional to the square of the 
velocity of the liquid. This shear stress can be found from the following 
equation:

τ ρ
= f V

2F l
2

 
(2.107)

Where τ is the shear stress, fF is the Fanning friction factor, ρ is the liquid 
density, and Vl is the liquid velocity.

Fig. 2.16 shows a control volume equal to a segment of the pipe of length 
L and the forces that act on the liquid inside the control volume. At is the 
cross-sectional area of the pipe, P1 and P2 are the pressures at the entrance 
and exit of the control volume, g is the acceleration due to gravity, and p 
is the wetted perimeter which, for circular pipes, is equal to πD, with D 
being the pipe inside diameter.

τ=fFρ2Vl2

■■ FIGURE 2.15 Final pressure distribution along the well’s depth.

■■ FIGURE 2.16 Section of the pipe of 
length L taken as a control volume.



70 CHAPTER 2 Single-phase flow

Because it is a steady state flow, the summation of the forces on the liquid in 
the control volume must be equal to zero:

ρ α τ+ = +A P g A L A P L p( )( ) ( )[ sin( )] ( )( ) ( )( )t t t1 2 (2.108)

Lsin(a) is the difference in elevation between the entrance and the exit of 
the pipe segment. If z1 is the elevation at the entrance and z2 is the elevation 
at the exit, both referred to an arbitrary point, ∆z is equal to z1 − z2, which 
is the same as Lsin(a) and if, additionally, ∆P is defined as P1 − P2 and the 
hydraulic radius ℜ is At/p, then Eq. 2.108 can be expressed as:

P z

L

f Vg

2
F l

2ρ ρ
ℜ

∆ + ∆
=

 
(2.109)

For circular pipes the hydraulic radius ℜ is equal to the pipe inside diameter 
divided by 4, or D/4. If the Moody friction factor f is used (equal to four 
times the Fanning friction factor), then Eq. 2.109 changes to:

P z

L

f V

D

g

2
l
2ρ ρ∆ + ∆

=
 

(2.110)

The pressure drop is then equal to:

P P z z
f L V

D
g( )

  

21 2 2 1
l
2

ρ
ρ

− = − +
 

(2.111)

The first and second terms on the right-hand side of Eq. 2.111 represent the 
hydrostatic and frictional pressure drop, respectively. The pressure drop of a 
liquid flowing in a pipe of constant diameter is then equal to the sum of the 
hydrostatic pressure drop plus the frictional pressure drop. The two terms 
on the right-hand side of Eq. 2.111 must be divided by g0, equal to 32.174 
(lbm ft.)/(lbf s2), when British units are used and the pressure is expressed in 
lbf/ft.2 Because the liquid density is constant, the pressure distribution along 
the pipe must be a linear function of the measured depth if the pipe (inclined 
or not) is straight.

Fig. 2.17 shows what happens in a straight, vertical pipe when there is a 
constant bottomhole pressure P1, and the liquid flows up the pipe at different 
velocities. As the velocity increases, the surface pressure P2 decreases (due 
to frictional losses) if the bottomhole pressure is kept constant. Fig. 2.18 
shows what happens in a straight, vertical pipe when there is a constant 
surface pressure P2, and the liquid flows up the pipe at different velocities. 
As the liquid velocity increases, the bottomhole flowing pressure must also 
increase (due to frictional losses) if the surface pressure P2 is kept con-
stant. Fig. 2.19 shows the pressure distribution for a vertical, downward, 

(At)(P1)+ρg(At)[Lsin(a)]=(At)(P2)+
τ(L)(p)

∆P+ρg∆zL=fFρ Vl22ℜ.

∆P+ρg∆zL=fρ Vl22D.

P1−P2=ρg(z2−z1)+fρ L Vl 22D
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■■ FIGURE 2.17 Vertical, upward, single-phase liquid flow in a straight pipe with 
constant bottomhole pressure.

■■ FIGURE 2.18 Vertical, upward, single-phase liquid flow in a straight pipe with 
constant surface pressure.

■■ FIGURE 2.19 Vertical, downward, single-phase liquid flow in a straight pipe with 
constant bottomhole pressure.
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single-phase flow, when the bottomhole pressure is kept at a constant value 
P2. If the liquid flow rate is increased, the surface pressure must also increase 
due to the increase in the frictional pressure losses. In this case, as the liq-
uid travels downwards, its pressure increases because of the increase in the 
hydrostatic component, but this increment is reduced by frictional losses. In 
other words, the signs of the two pressure components (hydrostatic and fric-
tion) in Eq. 2.111 are opposite. Fig. 2.20 shows vertical, downward, liquid 
flow with a constant surface pressure P1. In this case, if the liquid flow rate 
is increased and the surface pressure is kept constant, the bottomhole pres-
sure is reduced because of the increment in frictional losses. In all of these 
figures, V2 is greater than V1.

Returning to Eq. 2.111, the friction factor f used in this case is four times 
the Fanning friction factor because it is the friction factor found from the 
Moody diagram. This factor, far from being a constant, depends on the 
liquid density, velocity, and viscosity, as well as on the pipe diameter and 
roughness. For laminar flow, it has been demonstrated that the friction factor 
to be used in Eq. 2.111 is equal to 64/Re, where Re is the Reynolds num-
ber. If the Reynolds number is less than 2100, then the flow is considered 
laminar. For turbulent flow, as it was pointed out in Section 2.1.2, the rela-
tionship proposed by Jain (1976) can be used to get the friction factor in an 
approximate, but explicit, manner:

ε
=

− +
















f

D

1

1.14 2 log
21.25
R10

e
0.9

2

 

(2.112)

f=11.14−2log10εD+21.25Re0.92

■■ FIGURE 2.20 Vertical, downward, single-phase liquid flow in a straight pipe with 
constant surface pressure.
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Depending on the variable to be calculated, there are three types of prob-
lems for which different calculation procedures are used:

1. The flow rate, tubing diameter, and length are known and the pressure 
drop needs to be calculated. This is the easiest type of problem. The 
Reynolds number is calculated first. Then, depending on the value 
of the Reynolds number and the pipe roughness, the friction factor is 
calculated from the appropriate equation and then the pressure drop is 
found from Eq. 2.111.

2. For a given pipe length and diameter, the liquid flow rate for a 
known differential pressure needs to be calculated. This case is more 
complicated because the liquid velocity is unknown and therefore 
the Reynolds number cannot be calculated. Calculations are done 
following an iteration procedure:
a. An initial friction factor, f, is estimated.
b. Using this value of f and the expected pressure drop, Eq. 2.111 is 

used to find the liquid velocity (from which the flow rate can be 
calculated as Q = VlAt).

c. With this velocity, the Reynolds number can be found and used in 
the Moody diagram (or the appropriate equation) to determine a 
new value of the friction factor.

d. With this new friction factor, the previous steps are repeated 
until convergence is achieved at a reasonably accurate value  
of f.

e. To determine the flow rate, the velocity is multiplied by the pipe 
cross-sectional area.

3. The liquid flow rate and the pressure drop are known and the pipe 
diameter needs to be found. There are three unknowns in this case: 
the friction factor, the liquid velocity, and the tubing diameter. 
Because the velocity is equal to the flow rate divided by flow 
area, then:

V Q D/(
4

)l
2π

=
 

(2.113)

 Where Vl is the liquid velocity, Q is the liquid flow rate, and D is the 
diameter of the pipe. If the expression for Vl in Eq. 2.113 is introduced 
in Eq. 2.111 (considering the fact that the flow rate and the pressure 
drop are constant) the following equation for the pipe diameter is 
derived:

=D k f5
1 (2.114)

Vl=Q/(π4D2)

D5=k1f.
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 Where f is the friction factor and k1 is a constant equal to:

ρ
π ρ( ) ( )

=




 − + − 

k
LQ

P P z z2
4

g
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2

2

1 2 1 2

 On the other hand, if the expression for the velocity (Eq. 2.113) is used in 
the definition of the Reynolds number, the following equation is obtained:

=
k

D
Re

2

 
(2.115)

 Where Re is the Reynolds number and k2 is given by 
ρ
πµ

=k
Q4

2 .

 All variables that define k1 and k2 are known so these constants can be 
calculated at the beginning of the iterations. The iteration procedure 
consists of:

■ An initial value of the friction factor f is assumed.
■ Using Eq. 2.114, the value of D is calculated.
■ The Reynolds number is found using Eq. 2.115.
■ Knowing the absolute roughness, ε, the relative pipe roughness, 

ε/D, can then be determined.
■ With the Reynolds number and pipe roughness, a new value of f is 

found from the Moody diagram or using the appropriate equation.
■ With this value of f all previous calculation are repeated to get 

a new value of f. These iterations are repeated until f does not 
change by more than a given tolerance number.

Calculation procedures for each type of problem are presented in the follow-
ing flow charts (Fig. 2.21).

k1=ρLQ22π42P1−P2+ρgz1−z2

Re=k2D

k2=4ρ Qπm

■■ FIGURE 2.21 Flow charts for the three types of problems. (a) Given Q and D, find ∆P; (b) 
Given D and ∆P, find Q; and (c) Given Q and ∆P, find D.
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Problem 2.14
Find the pressure drop in a 600-ft. long flowline of 4 in. in diameter for each 
of the following liquid flow rates: (1) 2,000 Br/D and (2) 14,000 Br/D. The 
liquid viscosity is 48 cP and its density is 57 lbm/ft.3.

Solution
The viscosity of 48 cP must be multiplied by 2.0890(10)−5 lbf·s/(cP·ft.2) to 
give 100.2720 (10)−5 lbf·s/(ft.2). The diameter is equal to 4 in. or 0.3333 ft. 
The flow area is (π/4)(0.3333)2 = 0.087266 ft.2

1. For a liquid flow rate of 2000 Br/D:
 2000 Br/D corresponds to (2000 Br/D)(5.61 ft.3/Br)/(86,400 s/D) = 

0.12986 ft.3/s. The velocity is equal to the flow rate divided by the flow area, 
that is, (0.12986/0.087266) = 1.4880 ft./s. The Reynolds number is given by:

DV
R

g

57(lbm/ ft . ) 0.333 ft . 1.4880 ft ./s

100.2720(10 )(lbf s/ ft . )32.2(lbm ft ./(lbf s ))
874.76e

0

3

5 2 2

ρ
µ

( )( )
= =

⋅ ⋅ ⋅
=−

 Because the Reynolds number is less than 2100, the flow is laminar and 
the friction factor is 64/Re = 0.07316. The pressure drop is found from 
Eq. 2.111 for a horizontal pipe:
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2. For a liquid flow rate of 14,000 Br/D:
14,000 Br/D is equal to (14,000 Br/D)(5.61 ft.3/Br)/(86,400 s/D) = 0.909 ft.3/s. 
The velocity is equal to the flow rate divided by the flow area, that is, (0.909/ 
0.087266) = 10.4164 ft./s. The Reynolds number is given by:

DV
R

g

57(lbm/ ft . ) 0.333 ft . 10.4164 ft ./s

100.2720(10 )(lbf s/ ft . )32.2(lbm ft ./(lbf s ))
6123.52e
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5 2 2
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= =

⋅ ⋅ ⋅
=−

Because the Reynolds number is greater than 2100, the flow is turbu-
lent and the friction factor can be found from Eq. 2.112 with an absolute 
roughness of 0.0006 ft.:
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Re=ρDVmg0=57(lbm/ft.3)0.333 ft.1.
4880 ft./s100.2720(10−5)(lbf⋅s/ft.2)

32.2(lbm⋅ft./(lbf⋅s2))=874.76

∆P=ρfV2L2g0D=0.0731657 lbm
ft.31.4880 ft.s2600 ft20.333 ft.32.2 lb

m⋅ft.lbf⋅s2=258.33lbfft.2=1.79 psi

Re=ρDVmg0=57(lbm/ft.3)0.333 ft.1
0.4164 ft./s100.2720(10−5)(lbf⋅s/ft.

2)32.2(lbm⋅ft./(lbf⋅s2))=6123.52

f=11.14−2log10εD+21.25Re0.92=1
1.14−2log100.00060.333+21.2561

23.520.92=0.03798
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The pressure drop is calculated from Eq. 2.111 for a horizontal pipe:
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Problem 2.15
Fig. 2.22 shows a vertical well that, for some reason, does not have a 
packer but produces in a stable manner while the gas is supposedly being 
injected through the first (shallower) gas lift valve at 2500 ft. The flow in the 
tubing below the injection point is single-phase liquid. The liquid level in 
the annulus is constant. The static liquid pressure gradient in the annulus is 
433 psi/Mft. and, due to friction, the single-phase pressure gradient inside 
the tubing is equal to 460 psi/Mft. Find the depth of the liquid level in the 
annulus if the pressure drop across the first gas lift valve is equal to 325 psi. 
The bottom of the tubing is at 3.6 Mft. Use Eq. 2.13 to find the gas pressure 
at depth in the annulus. The assumption is that the first valve has failed 
open and the annular pressure is less than the opening pressure of the 
second valve (so it remains closed). If the second valve is indeed opened 
(but below the annular liquid level), it can be assumed (as a first approxi-
mation) that the liquid flow rate through the second gas lift valve (into 
the tubing) at 3500 ft. is so small that it does not significantly change the 
pressure gradients along the tubing and the annulus. To confirm the state 
of the second valve, the valve’s mechanic equations must be used as part 
of a broader troubleshooting analysis using the calculation procedures 
explained in chapter: Continuous Gas Lift Troubleshooting.

Solution
The key to solving this problem is to know that the pressure in the annulus 
and in the tubing is the same at the bottom of the tubing (right below the 
standing valve). The problem is better understood with the help of a pres-
sure–depth diagram like the one shown (not to scale) in Fig. 2.23:

Using Eq. 2.13, the gas injection pressure at 2.5 Mft. is found to be 
964.26 psi. If the pressure drop across the first gas lift valve is subtracted 
from 964.26 psi, then the tubing pressure at the point of injection is 
964.26 – 325 = 639.26 psi. It is seen in the figure that the pressure dis-
tribution in the tubing is linear below the point of injection and, due to 

∆P=ρfV2L2g0D=0.0379857 lb
mft.310.4164 ft.s2600 ft.20.333

ft.32.2 lbm⋅ft.lbf⋅s2=6571.83 lbff-
t.2=45.64 psi

■■ FIGURE 2.22 Gas lift well without 
production packer. Injection through the 
first valve under stable conditions.
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frictional losses, the slope is not as steep as the slope of the pressure line 
in the annulus. This effect is explained in Fig. 2.17. The pressure-line slope 
below the bottom of tubing (dashed line) is slightly less than the one in  
the annulus above the bottom of the tubing, but greater than the slope 
of the flow inside the production tubing: this is due to the lower frictional 
pressure drop in the casing (below the bottom of the tubing) than in the 
tubing because the tubing has a much smaller diameter.

The gas pressure right above the liquid level in the annulus plus the hydro-
static pressure of the liquids in the annulus (from the liquid level to the 
bottom of the tubing) must be equal to the tubing pressure at the point of 
injection plus the dynamic pressure drop in the tubing between the injec-
tion point and the bottom of the tubing. If x is the vertical distance from 
the liquid level in the annulus to the point of injection, this pressure bal-
ance is expressed as:

x
x900 1

2.5

54
433 3.6 (2.5 ) 639.26 460(3.6 2.5)

1.524

[ ]+
+





+ − + = + −

Following the iterative procedure described in Problem 2.11, the value 
of x is found to be equal to 0.72799 Mft.; therefore, the liquid level depth 
is 2.5 + 0.72799 = 3.22799 Mft. The liquid level is then confirmed to be 
between the first and the second gas lift valve. If it turns out that the cal-
culated liquid level depth is below the second valve, all calculations would 
have to be repeated assuming that the point of injection is the second 

9001+2.5+x541.524+4333.6−(2.5+
x)=639.26+460(3.6−2.5)

■■ FIGURE 2.23 Pressure distribution along the well’s depth under steady state 
conditions.
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valve and not the first one and, additionally, valve mechanic equations 
(explained in chapter: Gas Lift Valve Mechanics) need to be used to deter-
mine if only one or both gas lift valves are opened. This type of analysis, 
together with the use of the inflow performance relationship (IPR) curve 
of the reservoir, is the basis of the troubleshooting analyses that need to 
be carried out to determine the most probable point of injection depth. 
Trouble shooting of gas lift wells is explained in chapters: Continuous Gas 
Lift Troubleshooting; Intermittent Gas Lift Troubleshooting.

It is many times convenient to express the Reynolds number in terms of field 
units commonly used in the oil industry. The Reynolds number, Re, in terms 
of the liquid flow rate q in Br/D, can be found knowing that the liquid veloc-
ity Vl is given by Vl = q/At, where At is the flow area expressed as (π/4)(d)2 
with d being the tubing diameter in inches. Using field units, the Reynolds 
number is then:
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(2.116)

Where q is in Br/D, ρ is the density in lbm/ft.3, d is the pipe diameter in 
inches, and m is the viscosity in cP.

As a final point in this section, Fig. 2.24 shows different pressure distribu-
tions that can be found in wells with straight tubing strings in which the flow 
is single-phase liquid: (1) The flow goes from a tubing string into another 

Re=ρVldm=4qρπdm=4qBr1day5.615 ft.
3Br1day86400 sρlbmft.3πdin.ft.12 in.m-

cp6.72x10−4 lbmft.s cp=1.48qρdm

■■ FIGURE 2.24 Pressure distributions for single-phase liquid flows in straight pipes.
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one that has a larger inside diameter. (2) The flow goes from a tubing string 
into another one that has a smaller inside diameter. (3) The tubing diameter 
is constant throughout the well and there is a restriction at the wellhead. (4) 
The tubing diameter is constant throughout the well and there is a restric-
tion (a subsurface safety valve, for example) at a given depth between the 
wellhead and the bottom of the well. (5) The flow travels from a smaller 
diameter tubing string, passes through a restriction and then enters a larger 
diameter tubing string. Under static conditions case “b” would not be physi-
cally possible because there would be two liquids with different gradients 
and the heavier one could not be on top: if there are two liquids with differ-
ent densities under static conditions, only case “a” is possible unless it has 
not been given sufficient time for the liquid mixture to settle in the well.
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3
Multiphase flow

Multiphase flow plays a major role in the designs and troubleshooting anal-
yses of gas lift wells. By definition, the flow above the point of injection 
must be multiphase flow unless the well is only circulating the injection gas 
above the static liquid level through: (1) a tubing hole or unwanted com-
munication, (2) a damaged gas lift valve, (3) a gas lift valve not properly set 
inside the pocket of the gas lift mandrel, or (4) a nitrogen-charged gas lift 
valve, in good working conditions, at a temperature (below its design value) 
that keeps the valve open.

The introduction of a gas phase in a liquid flow considerably increases the 
level of complexity of the calculations required to find the pressure distri-
bution in the well. Today, gas lift designers have at their disposal a great 
number of mathematical procedures (from the traditional empirical correla-
tions to the new and advanced mechanistic models) to calculate the pressure 
traverse along the production tubing. However, due to the difficult nature 
of the subject, to this date no single model or correlation can be accurately 
applied to all operational conditions. It is always necessary to check which 
correlation fits best the actual pressure distribution. That is the reason why 
it is very important to run downhole pressure and temperature surveys in a 
certain number of wells that can represent the universe of wells producing 
from a given reservoir and, in this way, find out which correlations are better 
suited for current operational conditions.

Multiphase flow is a broad subject that is treated in many specialized text-
books. The intention of presenting multiphase flow in this chapter is to give 
a general view that will allow the reader to understand the calculation proce-
dures described for gas lift design and troubleshooting analyses, as well as to 
describe a list of the most important publications available in the literature.

3.1 QUALITATIVE ASPECTS
Fig. 3.1 shows the pressure distribution along the production tubing for the 
case in which the following parameters are kept constant: type of liquid, tub-
ing diameter, wellhead pressure, and liquid flow rate. Only the gas/liquid ratio 
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(Rgl) is allowed to vary from zero to a point at which the pressure gradient 
reaches a minimum value. If gas is injected at a gas/liquid ratio greater than 
the ratio required to achieve the minimum pressure gradient, the frictional 
pressure drop will increase and the pressure traverse curves will move to the 
right, even if the wellhead pressure is somehow kept constant. In a real well, 
it is common that as the injection gas/liquid ratio is increased, the wellhead 
pressure increases also. This is due to the higher frictional pressure drop 
attained in the surface flowline (from the wellhead to the separator) caused 
by the increase in the gas flow rate. For the purpose of this introduction, the 
flowline is assumed to be very short or its diameter is such that frictional 
pressure drops at the surface are negligible. This topic is analyzed in detail 
in chapter: Total System Analysis Applied to Gas Lift Design, see Fig. 5.2.

The following points can be appreciated in Fig. 3.1:

j The pressure distribution is linear if the gas/liquid ratio is equal to zero 
(and the pipe is a straight pipe).

j If the gas/liquid ratio is larger than zero, the linear pressure distribution 
is seen at depths below a certain point where the pressure is high and 
all gas is in solution.

j At depth D1, the minimum gradient is reached with a gas/liquid ratio 
equal to “a”, but at depth D2 the minimum gradient is reached at a gas/
liquid ratio “b” greater than “a” for the same liquid flow rate. In other 
words, at greater depths the gas/liquid ratio that is required to reach the 
minimum gradient is larger. This is the reason the gas lift efficiency 
decreases for deeper wells producing at the same liquid flow rate. The 
objective of the gas lift method is to decrease, as much as possible, the 

■■ FIGURE 3.1 Pressure distribution along the well’s depth for different gas/liquid 
ratios while keeping constant the liquid flow rate, type of liquid, tubing diameter, and 
wellhead pressure.
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production pressure at the bottom of the well to increase the liquid flow 
rate from the reservoir.

As previously indicated, the liquid flow rate in Fig. 3.1 is constant. Fig. 3.2 
shows what happens when two considerably different liquid flow rates (but 
with the same gas/liquid ratios) are plotted on the same graph (while keep-
ing constant all the other parameters). The liquid flow rate q2 is greater than 
q1. The increase of the liquid flow rate causes an increase in the frictional 
pressure drop, thus the total pressure gradient is also increased. With liquid 
flow rate q2, the liquid phase appears to have a greater specific gravity; in 
fact, this same graph could have been found for two fluids with very differ-
ent densities, both flowing at the same liquid flow rate.

It can be seen in Fig. 3.2 that, at depth D, as the gas/liquid ratio is increased 
from zero to a point in which the minimum gradient curve is achieved, the 
production pressure goes from A′ to A for liquid flow rate q1, and from B′ 
to B for q2. If these bottomhole pressures (A–A′ and B–B′) are plotted in 
the same way in which the reservoir inflow performance relationship (IPR) 
curves are plotted (with the bottomhole flowing pressure on the vertical 
axis and the liquid flow rate on the horizontal axis), the so-called “outflow” 
curves for depth D are obtained. These curves are shown in Fig. 3.3, on 
which points A, A′, B, and B′ are plotted. One way of obtaining the outflow 
curve is by joining together, in one curve, all the points that, for different 
liquid flow rates, have the same gas/liquid ratio. Outflow curves can also be 
obtained by joining all the points that, for different liquid flow rates, have 
gas/liquid ratios that gives the minimum pressure gradient; this is precisely 
the lower curve shown in Fig. 3.3. Furthermore, outflow curves can also be 

■■ FIGURE 3.2 Pressure distribution along the production tubing for two different liquid 
flow rates.
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constructed by joining all the points that, for different liquid flow rates, have 
the same injection gas flow rate.

If the IPR curve is also plotted on the graph shown in Fig. 3.3, the intersec-
tion point of the IPR curve with an outflow curve for a given gas/liquid ratio 
(or gas flow rate, if that was the way the outflow curve was obtained) will 
give the bottomhole pressure and the liquid flow rate the well is able to pro-
duce for the selected gas/liquid ratio or gas flow rate. This type of analysis 
is explained in great detail in chapter: Total System Analysis Applied to Gas 
Lift Design and constitutes the basis for many different operations that are 
required to optimize gas lift wells.

For the curves shown in Fig. 3.3, if the gas/liquid ratio is equal to zero then 
the minimum pressure is found when the liquid flow rate is equal to zero. If 
the gas/liquid ratio is greater than zero, the minimum pressure is reached at 
a point where the liquid flow rate is greater than zero. The value of the liquid 
flow rate at the minimum pressure point depends on the tubing diameter, the 
wellhead pressure, and the total gas/liquid ratio. Keeping all these param-
eters constant, Fig. 3.4 shows how the point of minimum pressure changes 
as the tubing diameter d is changed.

As illustrated in chapter: Total System Analysis Applied to Gas Lift Design, 
the outflow curves shown in Fig. 3.4 can be used to explain instability prob-
lems in gas lift wells. These curves can also be used in the selection of the 
most appropriate tubing diameter for a particular gas lift well.

Opposite to what takes place in most of the other artificial lift methods, hori-
zontal multiphase flow plays an important role in gas lift design because what 
happens in the flowline (from the wellhead to the separator) directly affects 

■■ FIGURE 3.3 Outflow curves.
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the flowing pressure at the top of the perforations. Fig. 3.5 shows the pressure 
distribution along the flowline from the wellhead to the gas–liquid separa-
tor (or the production manifold) at the flow station. In the figure, the separator 
pressure, the type of liquid, the tubing diameter, and the liquid flow rate are 
kept constant and only the gas/liquid ratio (Rgl) is changed. It is seen that 
the effect of increasing the gas flow rate is to always increase the required 
wellhead pressure to sustain the same liquid flow rate. This fact acts against 
the gas lift method because as gas is injected to lower the pressure in the 
production tubing, the wellhead pressure increases, shifting the vertical pres-
sure curve along the production tubing to the right. However, in most cases, 
the effect of lowering the tubing pressure is much greater than the increase 
in the wellhead pressure caused by the increase in the injection gas flow rate.

■■ FIGURE 3.4 Effect of the tubing diameter on the minimum pressure point of outflow 
curves.

■■ FIGURE 3.5 Behavior of the horizontal multiphase flow in the flowline.
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In horizontal multiphase flow, friction plays a relatively more important 
role than in vertical flow. As the gas flow rate is increased, the space the 
liquid occupies is reduced, causing a greater liquid velocity, which induces 
a greater frictional pressure drop. This effect is also present in vertical flow; 
however, in this case, the total density is reduced at the same time, reduc-
ing in this way the hydrostatic pressure gradient that, at first, overcomes the 
increase in the frictional pressure gradient. But, as mentioned earlier, if the 
gas flow rate is increased beyond a certain value, the increase in frictional 
pressure drop becomes greater than the reduction of the hydrostatic pressure 
drop. Hydrostatic and frictional pressure drops are defined in Eq. 2.111.

Fig. 3.6 shows the effect that increasing the liquid flow rate q has on the 
wellhead pressure (keeping everything else constant).

Another important feature of multiphase, horizontal, or vertical flow is the 
distribution of the phases in the so-called “flow patterns.” Each flow pattern 
corresponds to a particular spatial distribution of the phases. As flow condi-
tions are changed (like gas or liquid flow rates), flow patterns change from 
one configuration to another. The distribution of the flow patterns for different 
flow conditions is known as a flow pattern map. There are numerous ways of 
classifying flow patterns and constructing flow pattern maps. In this section, 
and for the purpose of a purely qualitative introduction, flow pattern maps are 
constructed by plotting the superficial liquid and gas velocities on the vertical 
and horizontal axes, respectively (using logarithm scales for both axes). As 
defined later in this section, the superficial velocity of a given phase is the 
in situ flow rate of that particular phase divided by the pipe’s total cross-sec-
tional area. The superficial velocity of a particular phase is then the velocity 
that this phase would have if it flowed alone in the pipe at the same flow rate.

■■ FIGURE 3.6 Effect of the liquid flow rate on the wellhead pressure.
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Fig. 3.7 shows the flow patterns in a vertical pipe with the flow in the up-
ward direction. At low superficial liquid and gas velocities, the flow pattern 
is called “bubble flow” because the liquid is the continuous phase and the gas 
travels in small bubbles. As the superficial gas velocity is increased, the flow 
pattern turns into the so-called “slug” flow, in which the gas travels in long 
bullet-shaped bubbles that almost entirely occupy the pipe cross-sectional 
area and in small bubbles in the liquid phase that travels between these long 
bubbles. If the superficial gas velocity is further increased, the flow pattern 
changes to annular flow, where the liquids form a film on the wall of the pipe 
and the gas phase travels at the center of the pipe. Finally, for even greater 
superficial gas velocities, the flow pattern is still annular flow but now a large 
amount of liquid droplets travels with the gas in the center of the pipe forming 
what is called the “annular mist” flow pattern. Between annular and slug flow, 
a highly irregular and turbulent flow pattern can be identified. This pattern is 
called “churn” flow, for which both phases can be considered dispersed.

In a gas lift well, bubble flow can take place at the bottom of the tubing and, 
as the gas expands as it travels toward the surface, the flow pattern changes to 
slug flow and then into churn flow. Slug and churn flows are the most common 
types of flow patterns found in a gas lift well. It is highly possible that a gas lift 
well producing in annular flow is being over injected with an injection gas/
liquid ratio beyond the maximum economic gas/liquid ratio limit. Usually, 
when the production tubing diameter is too large for the liquid production of 
the well, the only way to have a stable production is by injecting gas at a very 
high flow rate and, in consequence, the flow pattern is annular or annular-mist.  
It might be possible that, by reducing the tubing diameter, a stable pro-
duction can be achieved without having to inject gas at a large flow rate. 
However, it is important to know that this is not always a feasible solution  

■■ FIGURE 3.7 Flow pattern map for vertical upward flows.
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because, as the tubing diameter is reduced, the frictional pressure drop is 
increased and, in consequence, the reservoir pressure must be high enough 
for the well to be able to produce with a higher bottomhole flowing pressure.

Horizontal flow patterns are shown in Fig. 3.8. Stratified flow takes place 
at conditions in which the superficial gas and liquid velocities are low. In 
offshore wells, it is common to find wells with flowlines on the seafloor fol-
lowed by risers that connect the flowlines to the flow station at the surface. It 
is important to indicate that if a vertical pipe is preceded by a horizontal pipe 
where the flow is stratified, large slugs can be generated from time to time 
and create problems at the flow station. Stratified flow can also promote cor-
rosion problems if the water stays at the bottom of the pipe for a long time. 
At the other extreme, if the pipe diameter is very small, erosion might be-
come a problem, especially if the well produces sand. Small diameter pipes 
are also not recommended for gas lift wells because frictional pressure drop 
will increase the wellhead pressure, reducing in this way the drawdown and, 
in consequence, reducing also the liquid production.

The flow patterns that are shown in Fig. 3.8 are exclusively for perfectly 
horizontal pipes. These flow patterns could be very different if the pipe is 
slightly inclined with positive or negative inclination angles with respect to 
the horizontal.

3.2 GENERAL QUANTITATIVE ASPECTS 
IN MULTIPHASE FLOW
Only general aspects are covered in this book because the multiphase flow 
theory is very broad and the reader is advised to consult textbooks that deal 
exclusively with multiphase flow.

■■ FIGURE 3.8 Flow pattern map for horizontal flow.
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3.2.1 General definitions
The most important variables that are common to many multiphase flow 
correlations and models are defined first in this section. The physical mean-
ing of each definition should be understood before complex multiphase flow 
correlations for pressure-drop calculations are analyzed.

One of the most important variables is the liquid holdup, HL, which is de-
fined as the fraction of the volume of a section of the pipe that is occupied 
by the liquid phase at a given instant:

=H
Liquid volume in a section of the pipe

Total volume of the pipesectionL

 
(3.1)

Knowing the liquid holdup, other important variables, such as the density 
of the gas–liquid mixture or the in situ velocity of each phase, can be cal-
culated. Due to the fact that the multiphase mixture is constantly changing, 
with the phases exchanging location in usually highly turbulent flows, the 
liquid holdup is calculated as the time-average fraction of the volume that 
the liquid occupies in a given section of the pipe. If only the gas phase is 
present, the liquid holdup is equal to zero. If the flow is 100% liquid, the 
liquid holdup is equal to one. The gas holdup or void fraction, Hg, is defined 
as the fraction of the volume of a section of the pipe that is occupied by the 
gas phase, so that Hg = 1 − HL. Because the velocities of the phases are dif-
ferent (the gas traveling faster than the liquid in upward flow), the analytical 
calculation of the liquid holdup is extremely complex and that is the reason 
why empirical correlations are used to find the liquid holdup.

If both phases travel at the same velocity, the liquid holdup can be directly 
calculated from the flow rates of each phase. This only takes place under 
extreme situations where one of the phases can be recognized as the con-
tinuous phase and the other as the dispersed phase. These flow patterns are 
called “homogeneous” patterns. Dispersed bubble flow and mist flow can 
be approximately considered homogeneous flows but, as stated earlier, they 
are not very common in gas lift wells. In any case, the homogeneous liquid 
holdup is calculated from the following equation:

λ =
+
q

q qL
l

l g 
(3.2)

Where ql and qg are the liquid and gas flow rates, respectively, at in situ 
conditions.

The homogeneous void fraction is then equal to lg = 1 − lL. From Eq. 3.2, 
the homogeneous void fraction is then given by:

HL=Liquid volume in a section of the pi-

peTotal volume of the pipe section

lL=qlql+qg



90 CHAPTER 3 Multiphase flow

λ =
+
q

q qg
g

l g 
(3.3)

Once the liquid holdup is known, the density of the gas–liquid mixture can 
be calculated. This density plays a very important role in the calculation of 
the hydrostatic pressure drop. The mixture density is found from the follow-
ing equation:

ρ ρ ρ= +H Hs L L g g (3.4)

Subscript s in Eq. 3.4 stands for “slippage” and it is used to identify the 
density that is calculated assuming that the liquid and gas velocities are dif-
ferent. ρL and ρg are the densities of the liquid and gas phases, respectively.

If the phases travel at the same velocity, the gas–liquid mixture density can 
be easily calculated from the following equation:

ρ ρ λ ρ λ= +n L L g g (3.5)

Where the n stands for “no-slip” (to identify the density that is calculated 
assuming that the liquid and gas phases travel at the same velocity). Some 
multiphase pressure drop correlations use more complex equations to calcu-
late the density of the mixture and these densities are then used to calculate 
parameters such as the Reynolds number. One example is given by the fol-
lowing definition of the no-slip density:

ρ
ρ λ ρ λ

= +
H Hn
L L

2

L

g g
2

g 
(3.6)

Many multiphase pressure drop correlations use the correlating parameter 
known as the superficial velocity of a given phase, which is the velocity that 
a particular phase would have if it flowed alone in the pipe. The superficial 
liquid velocity is calculated as:

=V
q

AsL
l

t 
(3.7)

Where At is the cross-sectional area of the pipe and ql is the in situ liquid 
flow rate. The actual velocity Vl is given by a similar equation but the area 
is, in this case, equal to the actual area that is occupied by the liquid, which 
can only be calculated if the liquid holdup is known:

=V
q

A Hl
l

t L 
(3.8)

lg=qgql+qg

ρs=ρLHL+ρgHg

ρn=ρLlL+ρglg

ρn=ρLlL2HL+ρglg2Hg

VsL=qlAt

Vl=qlAtHL
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The actual liquid velocity at in situ conditions is very hard to determine 
because the liquid holdup needs to be calculated.

For the gas phase, the superficial and actual velocities, Vsg and Vg, are given by:

=V
q

Asg
g

t 
(3.9)

=V
q

A Hg
g

t g 
(3.10)

If the in situ gas and liquid velocities are equal, using Eqs. 3.10 and 3.8 and 
the fact that Hg = 1 − HL, it is found that ql /(AtHL) = qg/[At(1 − HL)] and, 
therefore, HL = ql /(ql + qg), or HL = lL.

Some authors define a mixture velocity as:

=
+

V
q q

Am
l g

t 
(3.11)

Another very important variable that is frequently found in dimensionless 
numbers commonly used in pressure drop correlations is the “mixture vis-
cosity,” which is calculated in different ways and in terms that are not very 
well defined in terms of their physical meanings; therefore, this mixture 
viscosity is just a correlating parameter. The following equations are three 
examples of how the mixture viscosity is calculated by several authors:

µ µ λ µ λ= +n L L g g (3.12)

µ µ µ= +H H
s L g

L g

 (3.13)

µ µ µ= +H HL gs L g (3.14)

Problem 3.1
In a multiphase flow, the superficial gas and liquid velocities are 3 and 
1 ft./s, respectively. If the difference between the actual gas and liquid ve-
locities is equal to 1 ft./s, what would be the value of the liquid holdup HL? 
Find also the liquid holdup for actual velocity differences of 0 and 2 ft./s.

Solution
From Eqs. 3.7 to 3.10:

Vg − Vl = Vsg/(1 − HL) – VsL/(HL)
1 ft./s = (3 ft./s)/(1 − HL) − (1 ft./s)/(HL)
HL

2 + 3HL − 1 = 0

Vsg=qgAt

Vg=qgAtHg

Vm=ql+qgAt

mn=mLlL+mglg

ms=mLHL+mgHg

ms=mLHL+mgHg
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Solving for HL:

H
3 (13)

2
0.30278L

0.5

=
− +







 =

Repeating these calculations for actual in situ velocity differences of 0 and 
2 ft./s, the values of the liquid holdup HL are 0.25 and 0.366025, respec-
tively. In other words, the greater the gas velocity with respect to the liquid 
velocity is, the greater the liquid holdup becomes if the flow rates of the 
phases are kept constant (the superficial velocities are held constant in this 
problem). The minimum holdup value is the one obtained when the phas-
es travel at the same velocity. In multiphase vertical upward flow, it is not 
physically possible to have liquid holdups less than this minimum value 
because the gas always tends to travel at a higher velocity than the liquid. 
The minimum value of the liquid holdup in vertical flow corresponds then 
to the homogeneous liquid holdup, lL.

The liquid phase in a well is usually a mixture of water and oil. To deter-
mine the effect that each of these components has on physical properties 
(such as the liquid density or viscosity), the oil fraction fo and the water 
fraction fw are used. These fractions are defined by the following equations:

= +f q q q/( )o o o w (3.15)

= +f q q q/ ( )w w o w (3.16)

Where qo and qw are the oil and water in situ flow rates, respectively. It is easy 
to show that fo = 1 − fw. To calculate fo and fw at in situ conditions from the oil 
and water flow rates measured at the surface, it is necessary to use the oil and 
water formation volume factors, Bo and Bw, respectively. The liquid volume 
at reservoir conditions decreases as the liquid travels up the production tubing 
and the pressure is reduced. The reduction of the liquid volume is mainly due 
to the fact that gas, initially in solution in the liquid, evolves from the liquid 
as free gas as the pressure decreases. This reduction in volume can be of sig-
nificant value if the initial gas in solution is large. The oil formation volume 
factor Bo is defined as the volume of liquid at reservoir conditions that is re-
duced to one barrel of oil at stock-tank conditions. Stock-tank conditions are 
60°F and atmospheric pressure. The water formation volume factor is defined 
in the same way. If q′w and q′o are the water and oil flow rates at stock-tank 
conditions, then the flow rates at in situ conditions can be expressed as:

= ′q q Bw w w (3.17)

HL=−3+(13)0.52=0.30278

fo=qo/(qo+qw)

fw=qw/(qo+qw)

qw=q'wBw
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= ′q q Bo o o (3.18)

The oil fraction is given then by:

= ′ ′ + ′ = +f q B q B q B R B B/( ) 1 / (1 ( / ))o o o o o w w wo w o (3.19)

Where Rwo is the water/oil ratio, q′w/q′o, measured at stock-tank conditions. 
The liquid phase density ρL, its viscosity mL, and its surface tension σL, can 
be found from the following equations:

ρ ρ ρ= +f f( ) ( )L o o w w (3.20)

µ µ µ= +f f( ) ( )L o o w w (3.21)

σ σ σ= +f f( ) ( )L o o w w (3.22)

In case of emulsions, Eq. 3.21 should not be used; instead, specially for-
mulated equations to calculate the viscosity of an emulsion should be used. 
Unfortunately, these special equations do not apply to all operational condi-
tions and types of fluids.

3.2.2 Equations for multiphase flow pressure and 
temperature gradients
The development of the equation used to calculate the pressure gradient in 
multiphase flow is based on Eq. 2.26, derived in chapter: Single-Phase Flow 
for gas flow and based on the first and second law of thermodynamics:

ρ
+ + + =

dP

g g
dz

V

g
dV

f V

gD
dL

( / )

4

2
0

0

g
g

F g
2

 
(2.26)

If the pressure drop is considered positive in the flow direction, the Moody 
friction factor f is used, and terms are rearranged, then the previous equation 
can be written (for any type of fluid and using field units) as: 

ρ ρ ρ= + +
dP

dL

g

g

dz

dL

V

g

dV

dL

fV

g D20

in situ

0

in situ in situ
2

0 
(3.23)

Where g is the acceleration due to gravity, g0 is 32.174 lbm ft./lbf s2, D is 
the inside diameter of the pipe, z is the elevation with respect to a reference 
point, ρ is the density, L is the measured length along the pipe, and P is the 
pressure inside the pipe. The velocity Vin situ is no longer the gas velocity 
considered in Eq. 2.26; instead, the velocity is defined in different ways, 
depending on the flow pattern and the particular correlation being used. The 
three terms on the right-hand side of Eq. 3.23 are called (from left to right): 

qo=q'oBo

fo=q'oBo/(q'oBo+q'wBw)=1/(1+Rwo(
Bw/Bo))

ρL=fo(ρo)+fw(ρw)

mL=fo(mo)+fw(mw)

σL=fo(σo)+fw(σw)

dPρ(g/g0)+dz+VggdVg+4fFVg22gDd

L=0

dPdL=ρgg0dzdL+ρVin  situg0dVin  si-
tudL+ρfVin  situ22g0D
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(1) hydrostatic pressure gradient, (2) acceleration pressure gradient, and (3) 
frictional pressure gradient. For a differential section of the pipe dL, the 
ratio dz/dL can be approximated as the sine of the angle a that the pipe 
makes with respect to the horizontal. The mixture density used in Eq. 3.23 
is defined by Eq. 3.4 if the phases travel at different velocities or by Eq. 3.5 
if the phases travel at the same velocity. The hydrostatic pressure gradient 
for nonhomogeneous flow is determined then by:

ρ α





=
dP

dL

g

g
sin

h
s

0 
(3.24)

If the phases travel at different velocities, it is necessary then to find the 
liquid holdup HL, which requires the use of empirical correlations that are 
found from laboratory or field experiments. The hydrostatic pressure gradi-
ent plays an important role in gas lift because it usually represents around 
70% of the total pressure gradient in vertical pipes. To reduce the hydrostat-
ic pressure gradient, it is necessary to reduce the density of the multiphase 
mixture, which is achieved by reducing the liquid holdup HL injecting gas 
as deep as possible in the well. But, as it has been indicated earlier, if the 
gas flow rate is very large, the frictional pressure gradient increase becomes 
larger than the reduction of the hydrostatic pressure gradient so that the total 
pressure gradient actually increases.

The frictional pressure gradient is usually the second most important gra-
dient in a vertical pipe. The friction factor, velocity, and density (f, Vin situ, 
and ρ) are defined in different ways (depending on the multiphase corre-
lation being used). The following three equations are just a few examples 
of the different ways in which the frictional pressure gradient can be 
defined:
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Where fLtp and fgtp are the Moody friction factors considering, respectively, 
the liquid or the gas phase as the only one in contact with the pipe. Eq. 3.25 
is used for bubble flow, while Eq. 3.26 is used for mist flow. For other flow 
patterns, Eq. 3.27 is frequently used with different definitions of the friction 

dPdLh=ρsgg0sina

dPdLf=ρLfLtpVsL22g0D

dPdLf=ρgfgtpVsg22g0D

dPdLf=ρfftpVm22g0D
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factor ftp and the density ρf, which could both be considerably different for 
different authors. The friction factor is usually correlated with some particu-
lar way of defining the Reynolds number.

The acceleration pressure gradient is most of the time totally ignored. This 
is due to the fact that it only represents a small fraction, usually less than 
10%, of the total pressure gradient. Some authors do consider it, but not for 
all flow patterns.

The development of correlations to predict the total multiphase flow pres-
sure gradient concentrates on finding methods to calculate the liquid holdup 
and the friction factor.

To find the pressure distribution along the production tubing or flowline, the 
pipe is divided into small segments. Fluid properties and pressure gradients 
are calculated at average conditions of pressure, temperature, and pipe in-
clination angle within each of these pipe segments. The following iterative 
calculation procedure can be used to find the pressure distribution along the 
tubing or flowline when the temperature distribution is known:

1. The pipe is divided into small segments ∆L.
2. Calculations begin at the point where the pressure is known, which 

can be the entrance or the exit of the tubing string or flowline. The 
known pressure at that point is called P1. At the opposite end of 
the first differential segment, a pressure differential ∆Pa is added to 
or subtracted from pressure P1 (see explanation given later in the 
chapter regarding the sign to be used). The initial value of the pressure 
differential ∆Pa is arbitrary and should not be greater than 10% of 
pressure P1.

3. The average pressure and temperature within the differential segment 
of the pipe are calculated. Under these average conditions, gas and 
liquid properties are then calculated.

4. Using one of the many available correlations for multiphase flow, the 
pressure gradient dP/dL for the pipe segment is calculated. With this 
pressure gradient, a new pressure differential between the exit and the 
entrance of the pipe segment is calculated as: ∆Pc = |∆L|(dP/dL).

5. If ∆Pa and ∆Pc are not approximately equal, the new calculated value 
∆Pc is assigned to ∆Pa and calculations are repeated from step 3 to 
find a new value of ∆Pc. This iteration continues until the pressure 
differentials ∆Pa and ∆Pc become approximately equal.

6. Once ∆Pc is approximately equal to ∆Pa, the exit (or entrance) pressure 
of the pipe segment is determined as equal to P1 ± ∆Pa (again, see 
the explanation given later in the chapter, for the sign to be used) and 
calculations are initiated for the next pipe segment from step 2.
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7. The calculation of the pressure distribution along the pipe ends when 
the sum of all pipe segments becomes equal to the total pipe length and 
calculations are completed for the last pipe segment.

If the flow is in the upward direction and the bottomhole pressure is known, 
the hydrostatic and frictional pressure drops are sequentially subtracted 
from the bottomhole pressure to find the wellhead pressure. On the other 
hand, if the flow is also in the upward direction and the wellhead pressure is 
known, the hydrostatic and frictional pressure drops are sequentially added 
to the wellhead pressure to find the bottomhole pressure.

If the flow is in the downward direction and the wellhead pressure is known, 
the hydrostatic pressure drop is added to the wellhead pressure while the 
frictional pressure drop is subtracted from the wellhead pressure to find the 
bottomhole pressure. If the flow is in the downward direction and the bot-
tomhole pressure is known, the hydrostatic pressure drop is subtracted and 
the frictional pressure drop is added to the bottomhole pressure to find the 
wellhead pressure.

A more rigorous, but much more difficult, way of finding the pressure distri-
bution along the pipe is obtained by the simultaneous calculation of the pres-
sure and temperature distribution. For this task, the energy balance equation 
should be used, taking into account the heat transfer to and from the sur-
roundings. The energy balance given by Eq. 2.22 in chapter: Single-Phase 
Flow and the definition of the fluid’s enthalpy are used in the iterations:

The enthalpy per unit mass hm is defined as um + P/ρm, where um is the inter-
nal energy per unit mass of the multiphase mixture. Introducing this defini-
tion into Eq. 2.22, using the second law of thermodynamic, dividing by dL, 
and rearranging terms, the following expression is obtained:
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(3.28)

Where dqheat/dL is given by the global heat transfer equation:
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Where T is the average temperature in the pipe segment dL, Tground is the 
ambient temperature that surrounds the pipe segment, U is the global heat 
transfer coefficient, D is the pipe diameter, and wt is the total mass flow rate.

The global heat transfer coefficient can be extremely difficult to calculate 
due to the complexity of the different components that surround the pipe 

dhmdL=−gsinag0−Vin situdVin si-

tug0dL+dqheatdL

dqheatdL=UπDwtTground−T
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segment: (1) First, the convective heat transfer from the multiphase  mixture 
toward the pipe is found (this step is by itself very difficult to calculate for 
multiphase flow). (2) Then, the conduction heat transfer through the pipe 
must be calculated. (3) Finally, the convective heat transfer toward the well’s 
annulus and the conductive heat transfer to the ground need to be found. The 
equations that can be used to find the global heat transfer coefficient depend 
on the configuration of the completion.

The temperature T within the pipe segment is adjusted in an iterative proce-
dure so that the enthalpy found from Eq. 3.28 becomes equal to the enthalpy 
of the fluids found from enthalpy flash calculation of each component of the 
multiphase mixture, which adds an additional difficulty to the calculation 
process. The enthalpy of the mixture is given by:

= − +h h x h x(1 )m L g (3.30)

Where hm is the enthalpy per unit mass of the total mixture, hL is the en-
thalpy per unit mass of the liquids, hg is the enthalpy per unit mass of the 
gas, and x is the gas mass flow rate divided by the total mass flow rate and 
its value can be determined from the following equation:

ρ λ
ρ λ ρ λ

=
+

x g g

L L g g (3.31)

Simultaneous solution of the pressure and temperature distribution along 
the well requires the double iteration that is shown in the flow chart present-
ed in Fig. 3.9. Because the enthalpy is more sensitive to changes in tempera-
ture than to changes in pressure, the pressure iteration is performed within 
the temperature iteration, minimizing in this way the number of required 
calculations to reach a final convergence on both, pressure and temperature. 
This type of double iteration is very difficult to perform for oil wells because 
of the difficulties found in calculating the enthalpy of the mixture and the 
global heat transfer coefficient.

Fortunately, the pressure distribution along the pipe is not very sensitive to 
temperature: large errors in temperature estimation cause only minor devia-
tions to the pressure distribution along the pipe. Calculations shown by Shiu 
and Beggs (1980) indicated that for a −20% error in the estimation of the 
surface temperature, the deviations induced on the calculation of the bot-
tomhole flowing pressure were approximately 5% for the Orkiszewski mul-
tiphase pressure gradient correlation, a little less than 3% for the Hagedorn 
and Brown correlation, approximately 2% for the Beggs and Brill correla-
tion, and almost 0% for the Duns and Ros correlation. If the error in estimat-
ing the wellhead temperature was +20%, the deviations in the calculated 

hm=hL(1−x)+hgx

x=ρglgρLlL+ρglg
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bottomhole flowing pressure were between 0% and −2.5%. An uncertainty 
in the estimation of the wellhead temperature of 40% induced a total de-
viation in the calculation of the bottomhole flowing pressure of 7.5% at the 
most. This error is insignificant for injection-pressure-operated (IPO) gas lift 
valve designs because an error of 7.5% in the production pressure represents 
an error of only 1.5% in the estimation of the gas lift valve opening pressure 
for the worst cases (large ported valves) and no greater than 1% for the port 
sizes usually found in unloading gas lift valves. IPO valves are described 
in great detail in chapters: Gas Lift Equipment; Gas Lift Valve Mechanics.

■■ FIGURE 3.9 Flow chart for the 
simultaneous calculation of the pressure 
and temperature distribution (TL is the 
total length of the tubing).



993.2  General quantitative aspects in multiphase flow

As can be seen in the flow chart presented earlier, the simultaneous calcula-
tion of the pressure and temperature distribution is a complex task. For this 
reason, several correlations that can be used to calculate the temperature 
along the production tubing and flowline have been developed. These cor-
relations are explained in this section.

Fig. 3.10 shows a typical temperature distribution along the tubing string. 
Usually, for pressure traverse calculation purposes and for unloading gas 
lift valve design, a linear temperature distribution along the pipe (as the one 
shown in the figure as a dashed line from the reservoir temperature to the 
wellhead flowing temperature) is assumed.

To estimate the temperature of an unloading gas lift valve during the unload-
ing process, the temperature at each depth along the well is usually found 
from the dashed line that connects the surface temperature to the reservoir 
temperature. This makes the design valve temperature somewhat cooler 
than the actual temperature the valve will have when the well is in operation 
after being unloaded. In this way, nitrogen-charged valves are lock closed 
during normal operation of the well. The geothermal temperature should not 
be used as the design valve temperature because it is cooler than the tubing 
temperature of the well during the unloading process: the desired point of 
injection might not be reached because the unloading valves might close 
prematurely due to high temperature. The final production temperature of 
the well (once it has been unloaded) should not be used either as the design 
valve temperature because this temperature is higher than the expected tem-
perature during the unloading process and one valve might stay open, or 

■■ FIGURE 3.10 Typical temperature distribution for a well producing on natural flow.
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serious valve interference problems could arise, before reaching the design 
point of injection.

Fig. 3.11 shows a typical temperature distribution for a gas lift well. The 
gas expansion through the gas lift valve makes the temperature drop just 
above the point of injection. This is easily detected by a downhole tempera-
ture survey. Downhole pressure and temperature sensors should always be 
run simultaneously in gas lift wells so that they can be used for trouble-
shooting purposes. For wells with low liquid flow rates and high formation 
gas/liquid ratios, it might be possible for the production pressure gradient 
to be approximately equal above and below the point of injection depth; 
therefore, pressure surveys alone sometimes do not detect the point of in-
jection. On the other hand, if the liquid flow rate is very large, it might not 
be possible to detect the local cooling effect created by the gas expansion 
if highly sensible temperature sensors are not used and/or the temperature 
is measured at a distance too far apart from the injection point. In these 
cases, it is recommended to use the new available techniques for continuous 
temperature and pressure surveys explained in chapter: Continuous Gas Lift 
Troubleshooting.

Fig. 3.11 shows a variation in the temperature gradient a certain distance 
below the current point of injection (it has been exaggerated for didactical 
purposes). This variation is due to the change in the global heat transfer 
coefficient caused by the liquid in the annulus. In this case, the liquid level 
is below the current point of injection because the well was previously un-
loaded to a gas lift valve below the current operating valve. The gas in the 

■■ FIGURE 3.11 Temperature distribution in a gas lift well.
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annulus above the liquid level isolates the production temperature inside 
the tubing keeping it warm. This change in temperature gradient is usually 
smaller than shown in the figure and in the majority of cases the effect of 
liquids in the annulus of gas lift wells is irrelevant because the operating 
gas lift valves are usually located close to the bottom of the well and also 
because the change in the temperature gradient is not very large.

Fig. 3.11 also shows a smaller cooling effect taking place at a shallower 
depth above the point of injection. This could be due to an unloading gas 
lift valve that is leaking gas because its seat is cut or the valve is partially 
opened due to dirt between the ball and the seat of the valve. Gas leaks of 
this type are very frequent in gas lift wells and the gas flow rates through 
these leaks are usually insignificant. If the gas leak does not coincide with a 
gas lift mandrel, the leak might be caused by a hole in the tubing or a leak-
ing tubing coupling. Leaks that are not associated with a gas lift mandrel 
are not detected when the temperature survey is performed in the traditional 
way, with well-defined stops that usually last from 5 to 10 min at specific 
locations along the tubing. This is another reason why new techniques for 
measuring pressure and temperature along the well in a continuous fashion 
(running in the well the sensors at a constant speed) are preferred when the 
production of the well is “stable.” If the production pressure is fluctuating, 
stops should be made only at points of interest for a period of time at least 
20% longer than the duration of pressure fluctuation cycles measured at the 
wellhead. Another, more expensive at the moment, way of performing tem-
perature surveys when the pressure is fluctuating consists in measuring the 
temperature along the well in real time by means of fiber optic technology, 
which will identify cool spots at any point in the tubing. All these trouble-
shooting techniques are explained in detail in chapter: Continuous Gas Lift 
Troubleshooting.

In the past, manuals and books on gas lift design limited the explanation of 
“how to find the production tubing temperature gradient” to the presentation 
of the Kirkpatrick’s chart (Kirkpatrick, 1962). This chart was used to calcu-
late the production tubing temperature gradient from the liquid production 
flow rate, the tubing diameter, and the geothermal gradient. For gas lift de-
sign, the problem of using the Kirkpatrick’s chart is not that it gives a linear 
temperature distribution (instead of the real temperature curve) because, as 
it was pointed out earlier, linear temperature distributions are acceptable 
for gas lift design. The problem might be found (in some situations) in the 
accuracy of the wellhead temperature prediction. The straight temperature 
line used for design purposes, shown in Fig. 3.11, is acceptable (for the 
calculation of the dome pressure of the unloading gas lift valves) only if the 
wellhead production temperature is found in a precise manner.
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The Kirkpatrick’s chart has been successfully used for many years because 
the design temperature line has nothing to do with the actual tubing tem-
perature once the well has been unloading and it is operating at its design 
point of injection. The most serious mistake that can be made in the design 
of a gas lift installation with nitrogen-charged gas lift valves is to calculate 
the design temperature of the unloading valves at values greater than the 
temperature they will have after the well is unloaded because this causes 
valve interference and one or several unloading valves could remain open, 
see the explanation given in chapter: Design of Continuous Gas Lift Instal-
lations for Fig. 9.38. Even with the use of the “rudimentary” Kirkpatrick’s 
chart, this mistake is rarely made. For precise troubleshooting calculations 
of gas lift wells, on the other hand, the Kirkpatrick’s chart might cause seri-
ous problems because the temperatures predicted from this chart are very 
different from the actual temperatures found in wells during normal and, 
especially, abnormal operational conditions.

One equation that is frequently used to calculate the fluid temperature at 
a distance Ld from the bottom of the well, where the fluid temperature is 
known, has the following form:

= − − − −T T g L A L A{ [1 exp ( / )]}L 1 T d R d R (3.32)

Where T1 is the temperature in °F of the fluids at Ld = 0, TL is the tempera-
ture in °F at a distance Ld measured in feet above the initial point where 
T = T1, gT is the geothermal gradient in °F/ft., and AR is a function f of sev-
eral parameters, given in different forms from different authors:

ρ( )=A f d G G w, , , ,R L API g t 
(3.33)

Where AR is usually expressed in feet, wt is the total mass flow rate in lbm/s, 
ρL is the liquid density at standard conditions in lbm/ft3, d is the tubing in-
side diameter in inches, GAPI is the API gravity of the oil, and Gg is the gas 
specific gravity. AR was originally considered by Ramey (1962) equal to a 
function of wt, Cp, U, and, d, where Cp is the specific heat of the fluids and 
U is the global heat transfer coefficient.

The form of the function for AR used by Shiu and Beggs (1980), for ex-
ample, is given as:

ρ ( )( ) ( ) ( )( )=A C w d G G
C C C C C

R 1 t L API g
2 3 4 5 6

 
(3.34)

This model is applicable only if the well has been producing for a long pe-
riod of time because it does not consider transient effects. The coefficients 
in Eq. 3.34 (published in Shiu and Beggs work) were found from a linear 

TL=T1−gT {Ld−AR[1−exp (−Ld/
AR)]}

AR=fρL,d,GAPI,Gg,wt

AR=C1wtC2ρLC3dC4GAPIC5GgC6
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multiple regression analysis. The data used by Shiu and Beggs came from a 
total of 270 wells under very different operational conditions.

For horizontal flow, the following equation is used to find the temperature 
TLfl at a distance Lfl from the entrance of a horizontal flowline, as long as the 
ambient temperature Ts is constant:

= + − −T T T T L A( )exp( / )s sLfl 1 fl R (3.35)

Where T1 is the temperature in °F at the entrance of the horizontal flowline 
and all other terms in this equation are the same as the ones in Eq. 3.32.

For vertical or horizontal flow, it is very difficult to find AR but, by means of 
a very simple procedure, its value can be approximated. This procedure, as 
presented by Beggs (1991), is as follows:

j There must be at least one measurement of the total mass flow rate and 
the corresponding entrance and exit temperatures of the production 
tubing or flowline. With these parameters, Eq. 3.35 or Eq. 3.32 can be 
solved for the value of AR in a flowline or a production tubing string, 
respectively.

j If all terms in AR are considered to be of constant values except the 
total mass flow rate, a constant C equal to AR/wt is calculated. For a 
different mass flow rate, the new value of AR is simply equal to C times 
the new mass flow rate. This new value of AR is then used to find the 
new temperature from Eqs. 3.35 or 3.32.

This method can be used for oil or gas wells.

Correlations that are more sophisticated than the Shiu and Beggs’ correla-
tion have the problem of requiring data, such as the specific heat of the pro-
duction fluids or the global heat transfer coefficient, that are very difficult 
to find and for which it is necessary to know (among other factors): (1) the 
thermal conductivity of cement and liquid (or gas) inside the annulus, (2) 
the liquid level in the annulus, and (3) the condition of the cement and if the 
well was totally or partially cemented. For this reason, if Eq. 3.34, combined 
with Eq. 3.32, does not accurately predict the temperature distribution in a 
given gas lift field, it is usually better for design calculation purposes to ad-
just Eq. 3.34 to local conditions rather than trying to use more sophisticated 
models that are impossible to implement in an accurate manner. However, if 
most of the data are available, the use of these advanced correlations might 
be justified for troubleshooting analyses.

Coefficients C1 through C6 in Eq. 3.34 can be found in the following way: 
for each well in a selected number of wells N, all variables in Eq. 3.32,  

TLfl=Ts+(T1−Ts)exp(−Lfl/AR)
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except AR, are measured. Eq. 3.32 is used for the wellhead temperature only. 
Eq. 3.32 is then solved for AR. Additionally, for each value of AR, the asso-
ciated values of the variables found in Eq. 3.34 (that is wt, ρL, d, GAPI, and 
Gg), are also measured. Then, for each well or operational condition n, the 
following equations must be true:

ρ( ) ( ) ( ) ( )( )=A C w d G G
C C C C C

R 1 t L 1 API g1 1

2

1

3 4

1

5

1

6

ρ( ) ( ) ( ) ( )( )=A C w d G G
C C C C C

R 1 t L 2 API g2 2

2

2

3 4

2

5

2

6

……………
ρ( ) ( ) ( ) ( )( )=A C w d G G

....................
C C

n

C C C

R 1 t L API gn n n n n

2 3 4 5 6

ρ( ) ( ) ( ) ( )( )=A C w d G G
C C

N

C C C

R 1 t L API gN N N N N

2 3 4 5 6

All values in these equalities have been determined and only constants C1 
through C6 that best fit the measured data need to be determined. These 
equations can be expressed as linear functions in the following way (n go-
ing from 1 to N):

ρ= + +
+ + +

A C C w C

C d C G C G

Ln ( ) Ln( ) Ln( ) Ln( )
Ln( ) Ln( ) Ln( )

n

n n

R 1 2 t 3 L,

4 5 API 6 g,

n n

n

With yn = Ln(ARn), C1’ = Ln(C1), x1n = Ln(wtn), x2n= Ln(ρLn), x3n = Ln(dn), 
x4n = Ln(GAPIn), x5n = Ln(Ggn), and if additionally a0 = C1’, a1 = C2, a2 = C3, 
a3 = C4, a4 = C5, a5 = C6, a more familiar notation to handle linear, multiple-
regression analysis is obtained:

= + + + + +y a a x a x a x a x a xn n n n n n0 1 1, 2 2, 3 3, 4 4, 5 5,

And the algebraic equation in matrix form (found from the minimum 
squares of the deviations) that needs to be solved for the a0 to a5 terms is 
(each summation with n going from 1 to N):
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From which the values of the am (for m from 0 to 5) coefficients, and there-
fore of the C coefficients also, are found. The person interested in tuning 

AR1=C1wt1C2ρL1C3d1C4GAPI1C5G-

g1C6

AR2=C1wt2C2ρL2C3d2C4GAPI2C5G-

g2C6

....................ARn=C1wtnC2ρLnC3dnC
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ARN=C1wtNC2ρLNC3dNC4GAPIN
C5GgNC6
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+C5Ln(GAPIn)+C6Ln(Gg,n)

yn=a0+a1x1,n+a2x2,n+a3x3,n+a4x4,n
+a5x5,n

N∑x1,n∑x2,n∑x3,n∑x4,n∑x5,n∑x1
,n∑x1,n2∑x1,nx2,n∑x1,nx3,n∑x1,n

x4,n∑x1,nx5,n∑x2,n∑x2,nx1,n∑x2,n2
∑x2,nx3,n∑x2,nx4,n∑x2,nx5,n∑x3,n
∑x3,nx1,n∑x3,nx2,n∑x3,n2∑x3,nx4,

n∑x3,nx5,n∑x4,n∑x4,nx1,n∑x4,nx2,n
∑x4,nx3,n∑x4,n2∑x4,nx5,n∑x5,n∑x

5,nx1,n∑x5,nx2,n∑x5,nx3,n∑x5
,nx4,n∑x5,n2a0a1a2a3a4a5=∑yn

∑x1,nyn∑x2,nyn∑x3,nyn∑x4,nyn∑x

5,nyn



1053.2  General quantitative aspects in multiphase flow

Eq. 3.34 to a particular gas lift field can add new variables, like the water cut 
or the gas/liquid ratio, or even change the form of the equation.

Problem 3.2
Find the surface production temperature for a well producing under the 
following operational conditions: oil flow rate: 800 STBO/D; water flow 
rate: 50 STBW/D; total gas flow rate: 200 Mscf/D; tubing inside diameter: 
2.992 in.; oil API gravity: 26°API; gas specific gravity: 0.75; water specific 
gravity: 1.01; geothermal gradient: 0.015°F/ft.; top of perforations’ depth: 
6000 ft.; and temperature at the top of the perforations: 178.8°F.

Solution
The water mass flow rate is:
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The oil mass flow rate is:
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The gas mass flow rate is:
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The total mass flow rate is then 0.2048 + 2.91 + 0.132 = 3.2468 lbm/s

The liquid density is given by:
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Using Eq. 3.34, factor AR would be:

A C (3.2468) (57.45) (2.992) (26) (0.75)R 1
C C C C C2 3 4 5 6=

And the surface temperature is found from Eq. 3.32:

T T g L A L A
A A

{ [1 exp( / )]}
178.8 0.015{6000 [1 exp( 6000 / )]}

L 1 T d R d R

R R

= − − − −
= − − − −

Problem 3.3
A 30 degree API oil flows in a flowline at a constant flow rate of 100 STB/D. 
The flowline entrance temperature is 80°F and the ambient temperature 
is 45°F. If, at this flow rate, the temperature 3000 ft. downstream from the 
entrance is 50°F, find the exit temperature for a liquid flow rate of 200 B/D.

Solution
The oil specific gravity is equal to 141.5/(131.5 + 30) = 0.8762. The oil den-
sity at standard conditions is then equal to 62.4(0.8762) = 54.67 lbm/ft.3 
The mass flow rate is then:

w
5.615 ft . / Br

86400 s/ D
54.67 lbm/ ft . 100Br/ D 0.355lbm/ st

3
3 ( )= =

Using Eq. 3.35:

A50 45 (80 45)exp( 3000 / )R= + − −

So that AR is:

A 3000 / {ln[(50 45) / (80 45)]} 1541.69ft.R = − − − =

Constant C is then equal to 1541.69/0.355 = 4342.8.

At a mass flow rate twice the one calculated earlier, the new value of AR is 
(4342.8)(2)(0.355) = 3083.38 and the exit temperature is then:

T 45 (80 45)exp( 3000 / 3083.38) 58.23 FLfl = + − − = °

The equation developed by Zimmerman (1982), to calculate the temperature 
gradient along the production tubing, represents a practical and reliable way 
of finding the temperature of the production fluids:
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= − ′
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(3.36)

AR=C1(3.2468)C2(57.45)C3(2.992)C4 (26)C5(0.75)C6

TL=T1−gT {Ld−AR[1−exp (−L
d/AR)]}=178.8−0.015{6000-
−AR[1−exp(−6000/AR)]}

wt=5.615 ft.3/
Br86400 s/D54.67  lbm/ft.3100Br/D=0.355 lbm/s

50=45+(80−45) exp (−3000/AR)

AR=−3000/{
ln[(50−45)/(80−45)]}=1541.69 ft.

TLfl=45+(80−45) exp(−3000/3083.
38)=58.23 °F

Gt=1.35−11.02d2lnq91000+1.5lnRgl0.
0125Tres+12.75Ppd+14.7
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Where Gt is the temperature gradient in °F/Mft, d is the inside diameter of 
the production tubing in inches, q′ is the liquid production in STBL/D, Ppd 
is the production pressure in psig at the point where the temperature is being 
calculated, Tres is the temperature at the top of the perforations in °F, Rgl is 
the formation gas/liquid ratio for depths below the point of injection or the 
total gas/liquid ratio for points above the point of injection, both in scf/STB.

The following equation is used to calculate the temperature TD in °F at a 
depth Dx:

= − −T T G D D( ) /1000xD res t res (3.37)

Where TD is the fluid temperature at depth Dx and Dres is the top of the per-
forations’ depth. Dres and Dx are expressed in feet.

The equation published by Zimmerman was developed from measurements 
mostly taken in gas lift wells (only a small percentage of the wells consid-
ered in this study were producing on natural flow) in Lake Maracaibo gas 
lift field in Venezuela.

The following models have been developed during the last decades to find the 
temperature distribution in oil wells and pipelines. The reader that is interest-
ed in studying this subject at greater depths is referred to these publications.

Coulter and Bordon (1979) published a model that can be used to find the 
temperature distribution in horizontal pipelines. This model was based on a 
rigorous analysis of the thermodynamic behavior of the fluids. It is limited 
to horizontal flow in pipelines under steady state conditions with a constant 
surrounding temperature.

Sagar et al. (1991) developed a sophisticated model to find the temperature 
distribution along the production tubing of oil wells. This rather compli-
cated model was later used as the basis for the development of a simplified 
model that can be applied in a practical way. The simplified model was also 
based on 392 measured temperature profiles from real wells. These mea-
surements were gathered from the original Shiu and Beggs’ data base and 
from the data provided by the Amerada Hess Corporation from 55 wells, 
of which 10 wells from the Louisiana Gulf Coast and the Williston Basin 
were on gas lift, and 45 wells from the Permian Basin in west Texas were 
on natural flow.

Alves et al. (1992) presented a model applicable to both wellbores and pipe-
lines. The model is applicable in the entire range of inclination angles and 
was derived from mass, momentum, and energy balances. The model can be 
used for single or multiphase flows.

TD=Tres−Gt (Dres−Dx)/1000
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Hasan and Kabir (1993;1994) presented temperature prediction equations for 
multiphase flow in gas lift or natural flowing wells. The model incorporated 
the hydrodynamics of the different flow patterns, the influence of the well 
deviation and geometry, and the heat transfer mechanisms in the annulus.

Farshad et al. (1999) presented two models that use artificial neural networks 
to predict temperature distribution in oil wells. These networks were tested 
with the data obtained from 17 wells in the Gulf of Mexico and showed a 
mean absolute error of 6%. The authors indicated that the neural networks 
presented the lowest mean absolute errors when they were compared with 
the Shiu–Beggs’ correlation or the Kirkpatrick’s chart; the Shiu–Beggs’ 
correlation showed an error of 7.3% while the Kirkpatrick’s chart gave a 
9.1% error. They also found (from regression analysis) an equation that fits 
the Kirkpatrick’s chart with a coefficient of determination R2 = 0.9997.

3.3 EXAMPLES OF CORRELATIONS AND 
MECHANISTIC MODELS DEVELOPED FOR VERTICAL 
UPWARD MULTIPHASE FLOW
There are many calculation procedures that can be used to find the pressure 
distribution along the production tubing. These procedures can be catego-
rized as follows:

j Empirical correlations that assume homogeneous flow and do not take 
into consideration the flow pattern. These were the first correlations 
used in the oil industry and they are seldom used today because they 
do not give precise results. An example of this type of correlation is the 
Poettmann and Carpenter (1952).

j Empirical correlations that do not consider the flow pattern in their 
calculation procedures but do take into account the fact that the phases 
can travel at different velocities and therefore the estimation of the 
liquid holdup plays an important role. This is the case of the Hagedorn 
and Brown correlation (1965).

j Empirical correlations that have different calculation procedures 
for each flow pattern. They take into consideration the fact that for 
most flow patterns, but not for all, the phases can travel at different 
velocities. Examples of this type of correlation, among many others, 
are the Orkiszewski correlation (1967) for vertical flow, and the Beggs 
and Brill correlation (1973) for any pipe inclination angle.

j Mechanistic models that use the hydrodynamic behavior of each 
flow pattern to develop calculation procedures based on mass- 
and momentum-balance equations, as well as on many closure 
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relationships. The models proposed by Ansari et al. (1994) and by 
Kaya et al. (1999) are examples of these mechanistic models.

Despite the effort made to understand and predict multiphase flow, to this 
date there is no single correlation or model that can be accurately applied to 
find the pressure gradient for all operational conditions. This is the reason 
why downhole pressure and temperature surveys must be run to determine 
which correlations will give better results for a given group of wells in a gas 
lift field. The parameters involved in the calculations are just too many and 
the best that can be done is to select the correlation or model that can give 
better predictions for specific operational conditions. It could be possible 
that, even for a given well, one correlation might be better for a given sec-
tion of the production tubing but not for its entire length. This introduces 
a serious challenge when trying to design a gas lift well in the following 
cases: (1) exploratory wells for which little information that can be used to 
predict the liquid flow rate is available; (2) old or new wells for which a rea-
sonable amount of information is not available; (3) wells with operational 
conditions that are experiencing changes, like a sudden increase in the water 
cut or in the gas/liquid ratio.

For the cases mentioned in the last paragraph, there are gas lift design meth-
ods described in chapter: Design of Continuous Gas Lift Installations that 
minimize the impact of not accurately knowing what the production pressure 
will be. These procedures generally increase the possibility of being able to 
produce the well in a stable manner while injecting gas through a point equal 
to the optimum point of injection or very close to it. But their results usually 
include more gas lift mandrels to be installed in the well and, possibly, the 
first gas lift valve design would need to be replaced by a new one once the 
real production potential of the well is known. For these special situations, it 
is better to install injection-pressure-operated (IPO) valves because they are 
less sensitive to the production pressure than production-pressure-operated 
valves are (it is much easier to calculate the injection gas pressure at depth 
than to know the production pressure along the tubing). It is also advisable 
in these cases to install gas lift valves with seats as small as possible that are 
capable of passing the required gas injection flow rate at the same time. These 
steps minimize the effect the production pressure has on the opening and clos-
ing pressures of an IPO gas lift valve. Injection- and production-pressure-
operated valves are explained in detail in chapter: Gas Lift Valve Mechanics.

The development of empirical correlations concentrates on finding the liq-
uid holdup and the friction factor in multiphase flow. The procedures to 
achieve these two goals have progressively been developed and improved 
during the last decades.
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The first widely used multiphase flow correlation was developed by Po-
ettmann and Carpenter (1952). This correlation was used for many years 
even though it gives very inaccurate results if it is applied under operational 
conditions different from those found during its development. It is based 
on data gathered from 334 naturally flowing wells and 15 wells on gas lift. 
The production-tubing strings were 2⅜, 2⅞, and 3½ in. in diameter. The 
production rates of these wells were less than 500 STB/D, with gas/liquid 
ratios less than 1500 scf/STB. The authors of this correlation measured the 
wellhead and bottomhole pressures but not the liquid holdup. They only de-
veloped a correlation for the friction factor for multiphase flow. The mixture 
density was calculated using the homogeneous liquid holdup. Flow patterns 
and acceleration pressure drops were ignored. The Poettman and Carpenter 
correlation was first modified by Baxendell and Thomas (1961) and later by 
Fancher and Brown (1963).

Hagedorn and Brown (1965) developed a correlation that is still widely 
used in the oil industry because, as recent comparative studies indicate, it 
gives reasonably accurate results even when compared to the more recent 
mechanistic models. This correlation was obtained from measurements of 
the pressure drop and flow rates in a 1500-ft. deep, experimental, vertical 
well. Tubing strings of 1¼ and 2⅞ in. in diameter were used with a consid-
erable number of different gas and liquid flow rates. The effect of the liquid 
viscosity was studied and, for that purpose, different liquids, like water and 
several types of oils, with viscosities of 10, 35, and 110 cP, were used. The 
liquid holdup was not measured and the flow pattern was not taken into con-
sideration; however, an empirical correlation for the nonhomogeneous liq-
uid holdup was developed. The friction factor is obtained from the Moody 
(1944) diagram but using a special Reynolds number that requires knowing 
the liquid holdup for its calculation. Two important modifications have been 
made to the Hagedorn and Brown correlation: it was found that in some 
cases the calculated liquid holdup was smaller than the homogeneous liq-
uid holdup, which is not possible for vertical-upward flow because the gas 
phase always travels at a velocity greater than or equal to the liquid veloc-
ity. Thus, a lower liquid holdup limit equal to the homogeneous holdup was 
imposed on the calculated liquid holdup. On the other hand, if it is found 
(by calculation procedures not developed by Hagedorn and Brown) that the 
flow pattern was bubble flow, then the Griffith (1962) correlation is used to 
calculate the pressure gradient.

Duns and Ros (1963) developed a correlation that is also widely used to-
day. It is based on laboratory-scale tests performed at low pressures with 
air, oil, and water as the working fluids. The length of the test-pipe section 
was 32.8-ft. long with diameters from 1¼ to 3.15748 in. The liquid holdup 
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was measured using radioactive traces and the flow pattern was observed 
at the transparent section of the pipe. A flow pattern map was developed in 
which the flow pattern was identified based on the superficial velocity of 
each phase. The three flow patterns defined by this correlation were: bubble, 
slug, and mist flow. The boundaries of each of these flow patterns are de-
termined from equations based on dimensionless numbers. The developed 
correlation for the pressure drop in mist flow is also used in the Orkiszewski 
(1967) and the Aziz et al. (1972) correlations. Duns and Ros were the first 
researchers to consider the flow pattern to calculate the pressure gradient.

In 1967 Orkiszewski developed a correlation based on the data gathered 
by Hagedorn and Brown and on the measurements taken in 148 wells. The 
equations for slug flow were entirely developed by them while the Duns and 
Ros correlation was used for mist flow and the Griffith and Wallis (1961) 
correlation was used for bubble flow. The acceleration pressure drop is ig-
nored for all flow patterns except for the mist flow. The Orkiszewski cor-
relation is also used today in the oil industry because it gives good results 
under many operational conditions.

Aziz et al. (1972) presented a correlation with new equations to determine 
the flow pattern and pressure drop in bubble and slug flows. For mist flow, 
they recommended the use of the Duns and Ros’ correlation.

Chierici et al. (1973; 1974) published a correlation that in reality is a modi-
fied version of the Orkiszewski’s correlation. They found that the calcula-
tions of the fluid properties deeply affected the determination of the pressure 
gradient and they gave recommendations as to which type of fluid property 
correlation to use in conjunction with their pressure–gradient correlation.

Beggs and Brill (1973) proposed a correlation for the pressure gradient ob-
tained from the data gathered at laboratory-scale tests performed in pipes 
with a variety of upward and downward inclination angles. Even though 
this correlation can be applied at any pipe inclination angle, it is more fre-
quently used in horizontal flow. A recent comparison study performed in 
the Middle East by Usman and Al Gahtani (2010) indicated that this cor-
relation is suitable for vertical flow with large liquid flow rates. Beggs and 
Brill used 1- and 1.5-in. diameter pipes of 90 ft. in length. Only water and 
air were used as the working fluids. The gas and liquid flow rates were ad-
justed so that all horizontal flow patterns could be observed. Once a given 
set of values for the gas and liquid flow rates was established, the pipe 
inclination angle was changed to investigate the effect of the pipe inclina-
tion on the liquid holdup and the pressure gradient. The inclination angle 
was allowed to change in positive and negative angles of 5, 10, 15, 20, 35, 
55, 75, and 90 degrees. Flow patterns were classified in three large groups: 
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(1)  segregated, which includes stratified, stratified wavy, and annular flows; 
(2) intermittent, for plug and slug flows; (3) distributed, for bubble and mist 
flows. Specific correlations for the liquid holdup were developed for each of 
these three groups of flow patterns. The liquid holdup the flow would have 
if it was horizontal is calculated first and then it is corrected depending on 
the pipe inclination angle. They found that the maximum value of the liquid 
holdup takes place at an inclination angle of +50 degrees (upward) and the 
minimum at -50 degrees (downward). The friction factor is found by a 
calculation procedure common to all flow patterns, but this factor depends 
on, among many other parameters, the liquid holdup, which in turn depends 
on the flow pattern.

Asheim (1986) described a correlation included in a program called MONA, 
which is used for multiphase flow calculations. This program was developed 
by the Norwegian Institute of Technology and it can be applied in horizon-
tal or vertical pipes. No experimental data was used for the development of 
the program and it did not consider the flow pattern. The liquid holdup is 
not  directly calculated; instead, a linear function between the gas and liquid 
 velocity is used to find the density of the mixture. An extension of the equation 
introduced by Dukler et al. (1969) is used to find the friction factor. Field tests 
have demonstrated that this correlation is slightly more accurate than: (1) the 
Beggs and Brill (1973) method, and (2) the combination of the Dukler (1969) 
and Eaton et al. (1967) correlations that are used many times in the field.

Hasan and Kabir (1986) presented a model that was specially developed 
for inclined wells. This model predicts the flow pattern and the pressure 
gradient. It is based on the data obtained from a 5-in. diameter pipe with an 
inclination angle of up to 32 degrees with respect to the vertical.

The development of mechanistic models began during the 1980s and 1990s. 
These models take into account the hydrodynamic behavior of the flow in 
the development of the equations for each flow pattern. In this way, spe-
cific models were developed for each flow pattern. Hasan and Kabir (1988), 
 Ansari and Sylvester (1988), and Caetano et al. (1992b), developed mod-
els for bubble flow. Fernandes et al. (1983), Sylvester (1987), and Vo and 
 Shoham (1989), developed models for slug flow. Oliemans et al. (1986) and 
Alves (1991) developed models for annular flow. Global mechanistic models 
for vertical flows were presented by Ozon et al. (1987), Hasan and Kabir 
(1988), Ansari et al. (1990), Chokshi et al. (1996), and Kaya et al. (1999). 
The reader interested in this subject should consult specialized books on mul-
tiphase flow. One of the best references is the book published by  Shoham 
(2006), which gives a precise and detailed explanation of the most impor-
tant mechanistic models for vertical and horizontal flows. It also presents the  
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so-called unified models, which are mechanistic models that can be applied 
to any pipe inclination angle.

3.4 HORIZONTAL MULTIPHASE FLOW
Horizontal multiphase flow plays an important role in gas lift because any-
thing that happens in the flowline, from the wellhead to the flow station, has 
a direct impact on the pressure at the perforations. Horizontal multiphase 
flow calculations are made to adequately size flowlines, gas, and liquid 
gathering systems, and gas lines that might carry some liquids. As far as the 
well is concerned, pressure drops in the flowline could have a decisive im-
pact if the flowline is too long or its diameter is too small. In some cases, the 
pressure drop in the flowline could be above 30% of the difference between 
the reservoir’s pressure minus the separator pressure, possibly making other 
artificial lift methods more attractive than gas lift. In the newly drilled hori-
zontal wells, called “extended reach wells,” in which the horizontal section 
can have tens of thousands of feet, understanding horizontal multiphase 
flow is very important to prevent instability problems or to be able to handle 
severe slugging.

The general multiphase flow pressure gradient equation derived for vertical 
pipes also applies to horizontal pipes and the three pressure gradient com-
ponents (hydrostatic, friction, and acceleration) are also present in flowline 
calculations. If the flowline is horizontal, the hydrostatic pressure gradient 
is zero. But, in many occasions, flowlines are installed in hilly terrains. In 
these cases, the pressure decreases in the upward direction but then it does 
not go back to its initial value when the downward flow reaches the initial 
elevation again. Pipe inclinations with respect to the horizontal also have an 
impact on the flow pattern, making calculations of the liquid holdup and the 
pressure drop much more complex.

It is not only important to calculate the pressure drop along the flowline, it 
is also necessary to know the flow pattern and liquid holdup under certain 
operational conditions, even if the flow is truly horizontal. This is because 
the separator should be properly designed to handle large liquid slugs or 
any other liquid holdup fluctuations that might cause liquids to enter the 
gas gathering system. Separators are designed to handle stable flows of gas 
and liquids. If large liquid slugs periodically reach the separator, provisions 
must be made to handle these occasionally high volumes of liquids.

To design surface facilities in general, it is then necessary to know the flow 
pattern as precisely as possible. At least eight flow patterns have been de-
scribed for horizontal flow, as shown in Fig. 3.12.
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DeGance and Atherton (1971) classified the flow patterns in only three cat-
egories, which were later used by Beggs and Brill (1973) in their correlation 
(as explained in Section 3.3). However, before Degance and Atherton pub-
lished their work, one of the first attempts to predict the flow pattern using 
flow pattern maps was carried out by Baker (1954), for which the horizontal 
axis corresponds to the values of the group defined as λϕG G/Lmf gmf  while 
Ggmf/l is plotted on the vertical axis. GLmf and Ggmf are the liquid and gas 
mass fluxes, respectively, both in lbm/hr ft.2, and:
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Mandhane et al. (1974) published a flow pattern map that is still in use in 
the oil industry. It was based on an extensive experimental database. The 
coordinates for this map are the superficial gas and liquid velocities, which 
are the coordinates more frequently used today in most flow pattern maps.

All of the flow pattern maps indicated earlier only apply to a perfectly hori-
zontal flow. If the pipe is inclined in the upward direction, stratified flow 
cannot exist; instead, slug flow will be found at the same superficial veloci-
ties of the phases. If, on the other hand, the pipe is inclined in the down-
ward direction, the predominant flow pattern is stratified while slug flow 
cannot take place where horizontal maps indicate. Recently developed uni-
fied models, for which the pipe inclination is considered in the flow pattern 
determination, are being recognized for their accuracy in their predictions.

GLmflφ/Ggmf

=73σLmL62.4ρL21/3

l=ρg0.075ρL62.41/2

■■ FIGURE 3.12 Horizontal flow patterns.
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Regarding liquid holdup and pressure drop calculations for horizontal flow, 
correlations and models were developed more than half a century ago and have 
evolved in the same way as models and correlations for vertical flow have.

Lockhart and Martinelli (1949) published a procedure to calculate the pres-
sure gradient in horizontal pipes in terms of single-phase pressure gradients 
multiplied by a correction factor. The single-phase pressure gradients are 
calculated as if each phase traveled alone in the pipe. They also presented a 
correlation for the liquid holdup even though it is not used in the calculation 
of the pressure gradient.

Hughmark and Pressburg (1961) presented a correlation to calculate the liq-
uid holdup in vertical pipes that has been used in horizontal pipes with some 
degree of success.

Eaton et al. (1967) published a correlation to predict the friction pressure 
drop and the liquid holdup. This correlation was obtained from an extensive 
work carried out at an experimental facility that had horizontal pipes of 
1700 ft. in length. Tubing diameters of 2 and 4 in. were used. Three types 
of liquids were used as the working fluids. The gas flow rates ranged from 
0 to 10 MMscf/D, the liquid flow rate varied from 50 to 5500 STB/D, with 
viscosities from 1 to 13.5 cP. The pressure was allowed to change from 70 
to 950 psig. The friction factor and the liquid holdup were correlated with 
dimensionless numbers using regression analysis. The liquid holdup was 
measured by trapping the flow between two quick closing valves. Neither 
the flow pattern nor the pipe inclinations were considered in the correlation. 
The liquid holdup correlation is considered to be one of the best correlations 
for horizontal flow but the friction factor correlation does not converge to 
single-phase flow when it approaches single-phase liquid or single-phase 
gas flows. For small gas/liquid ratios, the friction factor becomes very large.

In 1969, Dukler et al. published the results of an experimental study spon-
sored by the American Gas Association that gathered more than 20,000 ex-
perimental points obtained at laboratory- and field-scale tests. These tests 
were then reduced to 2600 tests after eliminating unreliable or suspiciously 
wrong data. A correlation was developed for the frictional pressure gradient 
from these tests. A method to find the void fraction was also obtained. The 
void fraction is used to calculate the mixture density, which is used in turn 
as one of the parameters to calculate frictional pressure gradient. Dukler’s 
method has been extensively used in the oil industry and it has demon-
strated to give good results for small and large pipe diameters. Even though 
this correlation does not include the effect of pipe inclination, it has been 
combined with the method proposed by Flanigan (1958) for inclined pipes. 
Flanigan carried out an extensive research work mostly in a 16-in. diameter 
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pipe (among other pipe diameters) and developed a method to calculate the 
frictional and hydrostatic pressure gradient.

Beggs and Brill (1973) published a correlation to determine all the compo-
nents of the pressure drop in multiphase flow, taking into consideration the 
flow pattern and the pipe’s inclination angle. Even though it can be used for 
any inclination angle, its major application has been for horizontal flowlines 
rather than for production tubing designs.

Gregory et al. (1974) published a model that combines several correlations 
available at the time for multiphase, horizontal flow. They used a data bank 
that had 2,685 liquid-holdup measurements and more than 10,000 pressure-
drop measurements. This data bank was used to select the best correlation 
to be applied for each flow pattern. The flow pattern for each experimental 
point was obtained using the map developed by Mandhane. Then, the most 
precise correlations for the liquid holdup and the frictional pressure drop 
were selected for each flow pattern. These correlations are as follows:

j For liquid holdup: (1) bubble flow: Hughmark (1962); (2) stratified 
flow: Agrawal et al. (1973); (3) wavy flow: Chawla (1969); (4) slug 
flow: Hughmark (1962); (5) annular flow: Lockhart and Martinelli 
(1949); dispersed flow: Beggs and Brill (1973).

j For friction loss: (1) bubble flow: Chenoweth and Martin (1955); 
(2) stratified flow: Agrawal et al. (1973); (3) wavy flow: Dukler et al. 
(1964); (4) slug flow: Dukler et al. (1964); (5) annular flow: Chenoweth 
and Martin (1955); dispersed flow: Lockhart (modified) (1949).

Oliemans (1976) published a work that introduced a new concept to multi-
phase, horizontal-flow calculations. Even though he did not develop a cor-
relation for the liquid holdup, his equations use the liquid holdup (calculated 
from other correlations) to find the frictional pressure gradient.

Asheim (1986) described a correlation found in a computer program named 
MONA, which was developed for multiphase flow calculations. This pro-
gram was developed by the Norwegian Institute of Technology and it was 
used for horizontal and vertical flows. The program was not based on any 
experimental data and it did not consider the flow pattern in its calculations. 
The liquid holdup is not directly calculated; instead, a linear function of the 
gas and liquid velocities is used to find the mixture density. An extension of 
the Dukler’s correlation is used to find the friction factor. Field tests have in-
dicated that this correlation gives results which are slightly more precise than 
the Beggs and Brill correlation or the combined Dukler–Eaton correlation.

Xiao et al. (1990) published a mechanistic model developed for horizontal 
or nearly horizontal flows. The model can predict the flow pattern, the liquid  
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holdup, and the pressure gradient. The flow patterns considered by this mod-
el were: stratified, intermittent, annular, and dispersed bubble flow.

3.5 UNIFIED MODELS
The so-called “unified models” have been under development during recent 
years. These models can be used for any pipe inclination angle and that 
is why they are called “unified.” The unified model presented by Gomez 
et al. (1999) can predict the flow pattern, liquid holdup, and pressure drop in 
pipes with inclination angles from horizontal (0 degrees) to upward vertical 
flow (+90 degrees). It consists of: (1) a unified model to predict the flow pat-
tern, and (2) unified individual mechanistic models to predict the pressure 
drop and liquid holdup in stratified, slug, bubble, annular, and dispersed 
bubble flow.

The first models were in reality empirical correlations specifically, and 
separately, developed for horizontal or vertical flow. This is the case of the 
correlations developed by Dukler or by Oliemans for horizontal flow, or by 
Hagedorn and Brown and by Duns and Ros for vertical flow, among many 
others. According to Gomez et al., for more than 40 years these correlations 
were used with deviations of up to ±30% and no better overall accuracy 
seemed to be possible through this approach.

Since the early 1980s, the new mechanistic models began to be developed 
and, in consequence, the accuracy in the prediction of the liquid holdup and 
pressure gradient has improved during recent years. These models concen-
trate on the development of equations, such as the momentum- and mass-
balance equations, in conjunction with the so-called constitutive equations, 
to describe a specific flow pattern. These equations depend on the geometry 
and hydrodynamic characteristics of each flow pattern. The first goal of this 
type of models is then to be able to predict the flow pattern for a given op-
erational condition.

At the beginning, mechanistic models were developed for horizontal and 
vertical flows separately.

3.5.1 Horizontal flow
One of the first models that were developed to predict the flow pattern was 
the Taitel and Dukler model in 1976a. For the pressure drop and liquid hold-
up, separate hydrodynamic models for each flow pattern were developed 
during the 1970s and 1980s.

j For stratified flow: Taitel and Dukler (1976b), Cheremisinoff and 
Davis (1979), Shoham and Taitel (1984), and Issa (1988).



118 CHAPTER 3 Multiphase flow

j For slug flow: Dukler and Hubbard (1975), Nicholson et al. (1978), 
and Kokal and Stanislav (1989).

j For annular flow: Laurinat et al. (1985) and James et al. (1987).
j For dispersed bubble flow: Wallis (1969).
j A comprehensive mechanistic model, incorporating a flow pattern 

prediction model and separate models for the different flow patterns, 
was developed by Xiao et al. (1990) for pipe line design.

3.5.2 Vertical flow
Taitel et al. (1980) proposed a model to predict the flow pattern. This model 
was enhanced by Barnea et al. (1985) to include vertical pipes with large 
inclination angles. The following hydrodynamic mechanistic models were 
developed for each flow pattern in vertical flow.

j For bubble vertical flow: Hasan and Kabir (1988) and Caetano et al. 
(1992b).

j For slug vertical flow: Fernandes et al. (1983), Sylvester (1987), and 
Vo and Shoham (1989).

j For annular vertical flow: Oliemans et al. (1986) and Alves (1991).
j Comprehensive mechanistic models for vertical flow have been 

developed by Ozon et al. (1987), Hasan and Kabir (1988), Ansari et al. 
(1994), and Chokshi et al. (1994; 1996).

3.5.3 Unified models
Recent developments concentrate on unified models that are applicable for the 
entire range of inclination angles. Barnea (1987) published a model that can 
be used to predict the flow pattern in pipes with inclination angles from +90 to 
−90 degrees with respect to the horizontal. Felizola and Shoham (1995) pre-
sented a unified model for slug flow. Petalas and Aziz (1996) presented a uni-
fied mechanistic model that can be applied to horizontal flow and downward 
or upward vertical flows. Gomez et al. (1999) presented a unified model that 
can predict the liquid holdup in the liquid slug body of the slug flow model.

Parallel to the development of the comprehensive unified mechanistic mod-
el presented by Gomez et al. (1999), Kaya et al. (1999) presented a mecha-
nistic model for vertical flow in inclined pipes.

3.6 FLUID FLOW THROUGH ANNULAR  
CROSS-SECTIONS
Multiphase flow in annular conduits might take place in a variety of operational 
conditions in the production of an oil or gas well. The following is a list of exam-
ples in which it is necessary to have fluid flow through annular cross-sections:
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j In wells where it would be highly restrictive, due to frictional losses, 
to produce them through the production tubing. In these cases, it is 
preferable to produce the wells up the annulus between the casing and 
the tubing. This type of operation usually takes place in wells with high 
reservoir pressures.

j Contrary to the previous point, in oil or gas wells for which a reduction 
in the reservoir pressure makes it necessary to install a blind tubing, 
or velocity string, inside the production tubing to reduce the flow area 
and increase the fluid velocity, thereby avoiding liquid accumulation at 
the bottom of the well that might lead to a reduction or complete stop 
of liquid and/or gas production. The well is produced up the annulus 
between the existing production tubing and the newly installed, small-
diameter tubing.

j In dual wells with concentric completions, where it is desired to 
produce the upper zone up the external annulus and the lower zone up 
the production tubing.

j In wells produced by sucker rod pumps, in which the liquids and gas 
travel up the annulus between the production tubing and the rods.

j In gas lift wells with different accumulation chamber configurations.
j During the drilling operations of a well.

Many situations are presented in the chapter: Gas Lift Equipment for which 
annular flow is unavoidable. For example, Fig. 6.48 shows several alterna-
tives that can be used to produce a gas lift well up the annulus. On the other 
hand, Fig. 6.73 shows completions with two concentric production strings 
to produce from two different zones. Advantages, disadvantages, and im-
portant limitations regarding the use of annular conduits to produce oil wells 
are also given in the chapter: Gas Lift Equipment.

The most important models that have been developed to calculate the pres-
sure drop in single and multiphase flow through annuli are enumerated in 
this section.

Despite the recent achievements made in the development of mathematical 
models to predict the pressure drop in annular conduits, no correlation or 
mechanistic model has been extensively tested against field data. It is very 
difficult to find field data, especially along the production annulus, because 
it is not possible to run pressure and temperature surveys down the casing-
tubing annulus.

3.6.1 Flow pattern prediction
Kelessidis and Dukler (1989) and Caetano et al. (1992a) presented impor-
tant research studies to predict the flow pattern in annuli. Just as it was the 
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case for circular pipes, the prediction of the flow patterns in annular spaces 
is very important because the models that are used to calculate the liquid 
holdup and pressure drop in annuli are developed for each flow pattern in 
particular.

Kelessidis and Dukler (1989) carried out laboratory-scale experiments in 
multiphase flow in concentric and 50% eccentric annuli. They developed a 
method to identify flow patterns in a more objective way than just by simple 
visual observation. The flow patterns that were identified were very similar 
to the ones found in circular pipes: bubbly, slug, churn, and annular flow. 
Fig. 3.13 shows the flow patterns that are commonly encountered in multi-
phase flows in annuli.

In slug flow, the Taylor bubbles do not travel in the annulus in a concentric 
way as they do in circular pipes; instead, they travel in only one side of the 
annulus with the other side mostly filled with liquids.

Based on experimental observations, flow pattern maps for concentric and 
eccentric annuli have been constructed. These maps constitute the basis for 
the development of the mathematical models that describe the flow pattern 
boundaries. The criteria used in the equations that determine the flow pat-
tern transitions presented by Kelessidis and Dukler, are mostly based on the 
work of Taitel et al. (1980).

As in the work of Kelessidis and Dukler, Caetano et al. (1992a) modified 
the model developed by Taitel et al. (1980) for circular pipes to predict the 
flow pattern in annuli. The experimental observations made by Caetano 
et al. (1992a) identified the same flow patterns described by Kelessidis 
and Dukler: bubble, dispersed bubble, slug, churn, and annular flow. In the 
 experimental work performed by Caetano et al. (1992a), the outer pipe had 

■■ FIGURE 3.13 Flow patterns in upward, vertical, concentric annuli.
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an inside diameter of 3 in. and the inner pipe outside diameter was equal to 
1.66 in.. The total length of the test section was equal to 44.95 ft. Quick-
closing ball valves were installed at both ends of the test section. Water and 
kerosene were used as the working liquids while compressed air was used 
for the gas phase. Water and kerosene were used in concentric annuli while 
only water was used in totally eccentric annuli.

3.6.2 Models developed for liquid holdup and 
pressure drop calculations
The most important models developed during the last decades for the pre-
diction of the liquid holdup and the friction drop in annular cross-sections 
are enumerated in this section. This model-development process has fol-
lowed three different paths.

The first approach was the use of the hydraulic diameter to apply the known 
correlations developed for multiphase flow in circular pipes. The work done 
by Sanchez (1972) is an example of this type of approach.

The second approach consists in using correlations specifically developed 
from experimental data obtained in annuli. Examples of this type of cor-
relations are: Baxendell (1958), Gaither et al. (1963), Angel and Welchon 
(1964), Winkler (1968), and Cornish (1976). The first three examples do 
not take into consideration the existence of different flow patterns, while the 
work presented by Winkler is only for slug flow and the model developed 
by Cornish applies only to homogeneous flow.

The third type of approach is the development of mechanistic models to 
predict the flow pattern and, for each flow pattern, to find the liquid holdup 
and the pressure drop. Sadatomi et al. (1982) presented a theoretical and 
experimental work, which does not include mechanistic models for the pres-
sure drop but only for the prediction of the liquid holdup. Even though the 
Sadatomi et al. liquid-holdup model follows the approach of a mechanistic 
model, the flow pattern for which this model was developed was not speci-
fied. Regardless of these facts, the work presented by Sadatomi et al. is im-
portant because it showed the measurements made of the bubble velocity 
under different operational conditions. Caetano et al. (1992b) presented the 
first mechanistic model exclusively developed for multiphase flow in an-
nular cross-sections.

Lage and Time (2002) presented a mechanistic model to predict the behavior 
of multiphase flow in concentric annuli which consisted in a procedure that 
can be used to predict the flow pattern and a series of independent models for 
the determination of the void fraction and the pressure drop for each of the 
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following flow patterns: bubble, dispersed-bubble, slug, and annular flow. 
Some aspects that have to do with churn flow (which were totally ignored by 
Caetano (1992b)) were also presented by Lage and Time. A very important 
point regarding the work of Lage and Time is the fact that they conducted an 
experimental study in a 1278-m deep well with a field-scale annulus.

Only a few publications were presented between the study conducted by 
Caetano et al. and the one by Lage and Time. Papadimitriou and Shoham 
(1991) presented some improvements made on the Caetano’s model  (1992b) 
but only for bubble and slug flows; Hasan and Kabir (1992) focused their 
 attention on the prediction of the flow pattern and the liquid holdup but they 
did not present a model for the pressure drop and did not consider the annu-
lar-flow pattern.

Yu et al. (2009) presented a mechanistic model to predict the flow pattern, 
the liquid holdup, and the pressure gradient for multiphase flow in annular 
ducts. The models used for flow pattern transitions were the unified model 
developed by Zhang et al. (2003a) for dispersed bubble and annular flow, 
Caetano (1985) for the bubble-flow transition, and the modified model of 
Kaya et al. (2001) for the transition from slug to churn flow. The churn-flow 
model was based on the modified model developed by Zhang et al. (2003b) 
for circular pipes.
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4
Single and multiphase flow  

through restrictions

The use of gas lift system components that cause “intentional” restrictions 
in the injection gas line, production tubing, and flowline, is extremely im-
portant because it provides the means for an effective control of the opera-
tion of oil producing wells. These components are available in a variety of 
types and purposes. For example, the injection gas into the well and the total 
gas out of the separator may pass through a restriction called “orifice plate” 
that is usually used in gas lift fields to measure the gas flow rate. Orifice 
plates generate local pressure drops that are large enough to be accurately 
measured and correlated with the gas flow rate. An orifice plate is designed 
in such a way that the downstream pressure (away from the orifice plate) is 
restored back to almost the same value of the upstream pressure, minimiz-
ing permanent pressure drops. But there are other applications specifically 
designed to control the gas or liquid flow rate, for which permanent pres-
sure drops are necessarily large. This is the case of surface chokes. A choke 
is usually nothing more than a small diameter conduit of around 6 in. in 
length. In a gas lift well, the injection gas flow rate is normally controlled 
by means of a needle valve that acts as a choke of variable inside diameter, 
although in some cases regular chokes are also used for that purpose. For 
example, to avoid gas over injection in a “choke-control intermittent gas 
lift well” (see Section 10.5 for the different types of gas injection control 
systems in intermittent gas lift), it might be necessary to limit the effect of 
a very long surface injection gas line (or any gas line with a large diameter) 
by installing a choke as close as possible to the wellhead. In this way, the 
volume of gas stored in the injection gas line is choked and kept from being 
injected into the well’s annulus every time the downhole pilot valve opens. 
In this case, the choke only allows a very small gas flow rate to pressurize 
the well’s annulus while the downhole gas lift valve is closed. Once the gas 
lift valve opens, the choke will not allow the very large surface gas flow rate 
that would otherwise take place.



128 CHAPTER 4 Single and multiphase flow through restrictions 

The seat of a gas lift valve is in reality a choke that controls the maximum 
gas flow rate from the annulus into the production tubing (or from the tubing 
into the annulus if the lift gas is injected down the tubing). As it is explained 
in chapter: Gas Lift Equipment, a gas lift valve can be a simple orifice valve 
or a calibrated valve. In the former case, the valve acts as a fixed-diameter 
choke and in the latter case the valve acts as a choke of variable inside diam-
eter. The equations that are used to predict the gas flow rate through orifice 
valves are derived in this chapter, while the equations (or dynamic models) 
that need to be applied in case of calibrated valves are explained in detail in 
chapter: Gas Flow Through Gas Lift Valves.

The use of chokes in the production tubing, or in the flowline, is not recom-
mended for gas lift wells. Opposite to other artificial lift methods, any re-
striction found from the separator to the bottom of the well will have a direct 
impact on the bottomhole flowing pressure of wells producing on natural 
flow or on gas lift; therefore, the liquid production will also be affected. 
This is shown in Fig. 4.1, in which the effect of a restriction at a given point 
along the production tubing (Fig. 4.1a) or at the wellhead (Fig. 4.1b) on 
the bottomhole flowing pressure (for a fixed production flow rate) can be 
appreciated. For a given production flow rate, the bottomhole flowing pres-
sure is equal to Pwf1 if the well has no restriction and equal to Pwf2 if there 
is a restriction in the production tubing or in the flowline. In reality, at this 
new bottomhole pressure Pwf2, the reservoir cannot provide the same liquid 
flow rate q1, as shown in Fig. 4.2, where it can be seen that the outflow curve 
is displaced upwards due to the effect of the choke, making the new equi-
librium bottomhole pressure (where the outflow curve intersects the IPR 

■■ FIGURE 4.1 Effect of a restriction in the production tubing or in the flowline: pressure 
profiles for a fixed production flow rate. (a) Subsurface restriction, (b) surface restriction.
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curve) equal to Pwf3, for which the equilibrium liquid flow rate is q2. The 
production pressure profiles that are obtained with a liquid flow rate q2 are 
shown in Fig. 4.3a, b.

Despite its negative effects, there are situations in which it is required to in-
stall components that become important restrictions to the flow of fluids in the 
production tubing or in the flowline. For example, it is usually necessary to 
install subsurface safety valves (storm valves) in offshore wells that can cause 
some restriction to the production flow. These valves will close in case a 

■■ FIGURE 4.2 Outflow curves and equilibrium points with and without choke.

■■ FIGURE 4.3 Effect of a restriction in the production tubing or flowline: pressure 
profile at the equilibrium liquid flow rate. (a) Subsurface restriction, (b) surface restriction.
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rupture at the wellhead or the flowline occurs due to a collision with a ship or 
a powerful storm. In other cases, it is important to start the well after a work-
over job with a choke temporarily installed at the wellhead; in this way, the 
production of the well can be controlled during the first stages of production, 
avoiding possible formation damages caused by sand accumulation or water 
coning. This will undoubtedly cause inefficiencies in the use of the injection 
gas, but it will prevent instability problems that are usually encountered when 
trying to lower the liquid flow rate by reducing the injection gas flow rate or, 
if the well could indeed be operated in a stable manner at low injection gas 
flow rates, it will prevent formation damage caused by an unaware operator 
increasing the gas flow rate while the well is still under evaluation.

In intermittent gas lift operations, it is extremely important not to have any re-
striction at the wellhead or in the flowline near the wellhead that could cause 
an increase in the liquid fallback losses. The wellhead choke and its hous-
ing, as well as any unnecessary elbows, valves, or Ts, should be removed. 
If the separator is not capable of handling the liquid slugs when the well is 
switched to intermittent gas lift, then a choke can be temporarily installed at 
a distance from the wellhead that would guarantee that the entire liquid slug 
has surfaced when it plunges against the choke. This should be a temporary 
solution while the right size separator is installed because even thought the 
liquid fallback is reduced by installing the choke away from the wellhead, it 
is also true that the time required for the wellhead pressure to go back down 
to the separation pressure is increased if a surface choke is installed.

Fig. 4.4 shows the typical geometry of a choke. D1 and D2 are the pipe 
and choke diameters, respectively. When the fluid approaches the choke, 
the flow accelerates and its pressure begins to decrease. P1 is the pressure 
upstream of the choke. At the exit of the choke, the fluid velocity decreases 
until pressure P2 is reached at a certain distance downstream of the choke. 
If pressure P1 is held constant and pressure P2 is reduced, the flow rate 
increases. If pressure P2 continues to decrease, a point is reached at which 
sonic velocity is achieved at the choke and lowering pressure P2 any further 
would not cause any increase in the flow rate. When this condition is found, 
the flow is called “critical flow.” Usually, critical flow occurs when the ratio 
of P2/P1 is equal to a value in the neighborhood of 0.5–0.6. If P2 is not small 

■■ FIGURE 4.4 Choke geometry.
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enough to reach critical flow, the flow is called “subcritical.” There are cor-
relations that can be used exclusively for critical flow while others can be 
applied to both, critical and subcritical flows. Fig. 4.5a shows a typical curve 
of fluid flow rate versus the pressure ratio P2/P1 for a constant injection pres-
sure P1 and a given choke size.

It can be seen in Fig. 4.5a that for fixed values of P1 and D2, there is one 
maximum flow rate that can be achieved. If it is desired to increase the fluid 
flow rate, P1 or D2, or both, must be increased. Fig. 4.5b shows the effect of 
increasing P1 or D2 on the maximum fluid flow rate.

4.1 GAS FLOW THROUGH RESTRICTIONS
The development of the equations that are used to predict the gas flow rate 
through chokes and restrictions is presented in this section. First, the gas 
flow rate across restrictions as the one shown in Fig. 4.6 is explained.

Single and multiphase flow through restrictions   

■■ FIGURE 4.5 Fluid flow rate as a 
function of the pressure ratio: (a) For a 
constant pressure P1 and a given choke 
diameter D2; (b) for variable P1 or D2.

■■ FIGURE 4.6 Gas pressure profile through a restriction.
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From an energy balance for compressible, adiabatic flow, the following 
equation is obtained:

ρ ρ
+ + = + +

P V

g
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P V
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2 2
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Where P is the gas pressure, Vg its velocity, ρ its density, ug the gas in-
ternal energy per unit mass, and g0 is the proportionality factor equal to 
32.2 lbm ft./(lbf s2). Subscripts “1” and “2” correspond to the positions “1” 
and “2” shown in Fig. 4.6.

Eq. 4.1 can be expressed as:
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Where the two terms on the right hand side correspond to the gas enthalpy hg:
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The following equation applies to isentropic flow:
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Where ν is the gas specific volume. For isentropic flow, the following equa-
tion is also valid:

ν( ) =′P ck

 (4.6)

Where k′ is the specific heat ratio Cp/Cv and c is a constant. Therefore:
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 (4.7)

Where r = P2/P1.

Combining Eqs. 4.3 and 4.7 yields:
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A mass balance gives:

�ρ ρ= =A V A V mt1 g1 1 t2 g2 2 (4.9)

P1ρ1+Vg122g0+ug1=P2ρ2+Vg222g0+ug2

12g0Vg22−Vg12=ug1+P1ρ1−ug2+P2ρ2

12g0Vg22−Vg12=hg1−hg2

hg1−hg2=∫P2P1dPρ

hg1−hg2=∫P2P1νdP

Pνk9=c

hg1−hg2=P1ν11−r(k9−1)/k9k9/(k9−1)

12g0V2g2−V2g1=P1ρ1(1−r(k9−1)/k9

)(k9/(k9−1))

At1Vg1ρ1=At2Vg2ρ2=m˙
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Where At1 and At2 are the cross-sectional areas at points “1” and “2” in 
Fig. 4.6, �m is the mass flow rate, which must be the same for points “1” and 
“2” if the flow is in steady state. Solving for Vg1:
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Knowing that for isentropic flow the following equation applies:
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Eq. 4.10 can be expressed as:
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Introducing Eq. 4.12 in 4.8 yields:
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Solving for Vg2 gives:
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Introducing Eq. 4.9 in 4.15:
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Using the next two equations and knowing that ρ ρ= ′r / k
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m˙

Vg1=At2ρ2At1ρ1Vg2

ρ2ρ1=r1/k9

Vg1=At2At1r1/k9Vg2

Vg222g01−At2At12r2/k9=P1ρ11−-
r(k9−1)/k9k9/(k9−1)

Vg222g01−At2At12r2/k9=P1ν11−r(
k9−1)/k9k9/(k9−1)

Vg2=2g0P1ν1k91−r(k9−1)/k91−At2/
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Eq. 4.16 can be changed to:
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The gas expansion factor is defined as:
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Thus Eq. 4.19 can be written as:
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The equation of state for real gases, see Eq. 1.12 in chapter: Gas Properties, 
indicates:

ρ
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Where M is the gas molecular weight, γ g is the gas specific gravity, the 
molecular weight of air is approximated as 28.964 lbm/lbmol; Z1 is the gas 
compressibility at the entrance of the restriction; and Ru is the universal gas 
constant. With Eq. 4.22, Eq. 4.21 changes to:
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The volumetric gas flow rate, Qgi, at standard conditions (14.73 psia and 

60°F) is given by: 
�
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If field units are used, with the flow rate in Mscf/D, Eq. 4.23 divided by the gas 
density at standard conditions gives the gas flow rate through the restriction:
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Where gg is the gas specific gravity, Ap is the choke cross-sectional area in 
square inches, pressures P1 and P2, are expressed in psia, and the tempera-
ture T1 in °R. Eq. 4.24 identifies the important parameters that should be 
considered when trying to model the gas flow rate through a restriction. A 
discharge coefficient that can be experimentally found should be used in 
Eq. 4.24 to account for irreversible losses. Another point is that Eq. 4.24 
considers the downstream pressure to be at point “2” in Fig. 4.6, instead of 
the restored pressure at point “3” which is the one that is normally used in 
equations that predict the pressure drop through chokes or gas lift valves. 
Some authors, like Nieberding (1988) in his model for the dynamic behavior 
of gas lift valves, have used Eq. 4.24 with P3 instead of P2, which can be 
easily achieved by calibrating the discharge coefficient for pressures P1 and 
P3 as the upstream and downstream pressures, respectively.

Traditionally, the gas flow rate through a gas lift valve is correlated with 
the permanent pressure drop (P1–P3) using the Thornhill–Craver equation. 
This equation was empirically developed by Cook and Dotterweich (1946) 
to model the gas flow through wellhead choke beams (used to control gas 
wells) manufactured by the Thornhill–Craver Company:
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Where Qgi is the gas flow rate in Mscf/D; Cd is the discharge coefficient for 
a particular choke diameter; Ap is the area of the choke in square inches; r 
is the pressure ratio P2/P1; P1 is the upstream pressure in psia; P2 is in this 
case the recovered downstream pressure also in psia (equivalent to P3 in 
Fig. 4.6); g is the acceleration due to gravity equal to 32.16 ft./s2; k′ is the 
gas specific heat ratio; gg is the gas specific gravity; and T is the absolute gas 
temperature in °R upstream of the choke.

If the value of r is smaller than rcrit, where =
′ +
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, then rcrit is 

used instead of r in Eq. 4.25.

The accuracy of Eq. 4.25, when used for gas lift valves, is discussed in detail 
in chapter: Gas Flow Through Gas Lift Valves. Eq. 4.25 can be used to solve 
four different types of problems, which (in order of increasing complexity) 
are explained in the next paragraphs.

Qgi=1240.3ApYP1P1−P21−b4Z1ggT1

1/2Mscf/D

Qgi=155.5CdApP12gk9k9−1r2/k9−r(k
9+1)/k9ggT

rcrit=2k9+1k9k9−1
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In the first place, if the gas flow rate and the upstream and downstream 
pressures are known, the equation can be easily applied to directly find the 
required choke diameter.

If, on the other hand, the choke diameter is known, there exist three possible 
types of problems:

j The upstream and downstream pressures are known and the gas flow 
rate needs to be calculated. In this case, Eq. 4.25 is directly applied to 
find the gas flow rate.

j The gas flow rate and the upstream pressure are known, but the 
downstream pressure needs to be calculated. This introduces an 
additional level of complexity because the equation cannot be directly 
solved for the downstream pressure and, in consequence, it needs to be 
determined by iteration.

j The gas flow rate and the downstream pressure are given and it is 
desired to find the upstream pressure. This is the most complex type 
of problem for the reasons explained below and iterations are also 
required.

The required steps to find the downstream pressure when the choke diam-
eter, the gas flow rate, and the upstream pressure are known are presented 
first. In gas lift, for example, it is relatively easy to calculate the gas injection 
pressure at depth from the measured surface injection pressure. If, addition-
ally, the gas flow rate and the gas lift valve seat diameter are known, the 
production pressure just downstream of the valve can be calculated. This al-
lows the production engineer determine if the production pressure obtained 
in this way matches the production pressure calculated from multiphase 
flow correlations in order to check if the gas lift valve under investigation 
is indeed the current point of injection. As explained in chapter: Gas Flow 
Through Gas Lift Valves, Eq. 4.25 can be used if and only if the valve is an 
orifice valve or it is a fully opened calibrated valve (using the appropriate 
corrections in this case). In most cases, calibrated valves will throttle the lift 
gas, thus Eq. 4.25 is not applicable.

Fig. 4.7 helps explain the logical steps that must be taken to find the pressure 
downstream of the gas lift valve, knowing the upstream pressure, the gas 
flow rate, and the valve’s seat diameter.

If pressure P1 is known, then the gas flow rate curve as a function of the 
downstream pressure can be constructed for a given choke diameter. If criti-
cal flow is assumed, the maximum gas flow rate the choke is capable of 
passing, Qgi max, can be readily calculated using Eq. 4.25 with r = rcrit. If the 
known gas flow rate Qgi is greater than Qgi max, the choke cannot handle the 
proposed gas flow rate for any value of the downstream pressure P2. This 
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is the case of Qgi1 in Fig. 4.7. If Qgimax is equal to the proposed gas flow 
rate Qgi, there are infinite solutions of P2 from zero to the value of P2 at the 
boundary between critical and subcritical flow. This corresponds to the gas 
flow rate Qgi2 in Fig. 4.7 and it introduces a serious problem when trying 
to calculate the downstream production pressure. If the value of the known 
gas flow rate Qgi is smaller than Qgimax, the value of P2 can be graphically 
obtained as indicated in the figure, or, if a numeric solution is desired, itera-
tions must be performed to find P2. This is the case for Qgi3 in the figure. For 
the numeric solution, an initial value of P2 is assumed and the corresponding 
gas flow rate is then calculated. If the calculated gas flow rate is greater than 
the desired, or known, gas flow rate, the new assumed value of P2 must be 
increased and vice versa (the difference between the calculated and desired 
gas flow rates is used in the iterations to find P2).

The problem is much more complex if the gas flow rate and the downstream 
pressure are known and it is asked to find the upstream pressure. This is 
due to the fact that if the upstream pressure P1 is not known, then it is not 
possible to construct the gas flow rate curve. Fig. 4.8 illustrates this type of 
problem.

As can be appreciated in Fig. 4.8, it is necessary to iterate with several gas 
flow rate curves to find the one that intersects the known point (P2, Qgi). For 
these iterations, an initial value of P1 is assumed and the gas flow rate that 
corresponds to P2 is calculated. If the calculated gas flow rate is less than the 
known gas flow rate, the assumed value of P1 must be increased for the next 
iteration and vice versa. In both cases, the difference between the calculated 
and desired gas flow rates is used in the iterations to find P1. It is not always 
necessary to iterate to find P1. It can be appreciated in Fig. 4.9 that, for a 

■■ FIGURE 4.7 Calculation of P2 from the know values of pressure P1 and the gas flow 
rate Qgi.
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given value of the known gas flow rate Qgi, there is one and only one value 
of P1 for which the flow is critical. This unique value of P1 (known here 

as P1′) can be directly found from Eq. 4.25 using =
′ +
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known gas flow rate Qgi. Then the value of P2′, or boundary between critical 
and subcritical flow, can be calculated as r(P1′). If the known value of P2 is 
smaller than or equal to P2′, the solution for P1 is precisely P1′. This would 
correspond to case “a” in Fig. 4.9. Otherwise, it is necessary to iterate to get 
the solution for P1, case “b” in the figure.

An important example where it is necessary to know the pressure upstream 
of a restriction takes place when the injection pressure at valve’s depth needs 
to be determined from the gas flow rate and the production tubing pressure. 
This gives the optimization engineer an idea of the injection pressure that 
is required to pass a certain gas flow rate for a particular liquid production.

The steps that have just been described to solve the different types of prob-
lems for gas flow through chokes can also be applied to liquid and multi-
phase flows.

r=2k9+1k9k9−1

■■ FIGURE 4.9 Determining the need to iterate.

■■ FIGURE 4.8 Calculation of upstream pressure P1 from the given downstream pressure 
P2 and the known gas flow rate Qgi.
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Problem 4.1
Find the gas flow rate through a 0.1875 in. diameter choke, with an up-
stream pressure of 500 psia and downstream pressures of: (1) 400 psia and 
(2) 100 psia. The gas specific heat ratio is equal to 1.25, its specific gravity is 
0.69, and the upstream temperature is 120°F.

Solution
The pressure ratio needed to achieve critical flow is 
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 and the discharge coef-

ficient, for the given choke size, is 0.8049.

1. For P2 = 400 psia, the value of r is 400/500 = 0.8, which is greater than 
0.5549 and therefore the flow is subcritical. Using Eq. 4.25:
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2. For P2 = 100 psia, the value of r is 100/500 = 0.2, which is smaller than 
0.5549 and therefore the flow is critical and the value of r to be used is 
0.5549. Using Eq. 4.25:
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4.2 LIQUID FLOW THROUGH RESTRICTIONS
The flow through wellhead chokes is usually multiphase flow in gas lift 
wells; however, if the choke is installed at a depth in the production tubing 
below the point of injection and with a production pressure greater than the 

r=2k9+1k9/(k−1)=21.25+11.25/(1.2
5−1)=0.5549

Qgi=155.5CdApP12gk9k9−1r2/k9−

r(k9+1)/k9ggT=155.50.8049π40.18
752500232.161.250.250.82/1.25−
0.82.25/1.25 0.69120+460=270.71 

Mscf/D

Qgi=155.5CdApP12gk9k9−1r2/k9−

r(k9+1)/k9ggT=155.50.8049π40.18
752500232.161.250.250.55492/1.
25−0.55492.251.250.69580=322.

3 Mscf/D
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bubble point pressure, then the flow through the choke is single-phase liq-
uid. Under these conditions, the flow is usually subcritical because the speed 
of sound is very large for liquid flow and the following equation, suggested 
by Beggs (1991), can be used to calculate the liquid flow rate, q′, as a func-
tion of the liquid specific gravity gL, the choke diameter d2, and the pressure 
drop (P1–P2) through the choke:

γ
( )′ =

−
q . C d

P P
1022 7 d 2

2 1 2

L 
(4.26)

Where q′ is expressed in STBL/D, d2 in inches and the pressure drop in psi. 
Cd is the discharge coefficient, which can be approximated as 0.85 if its 
exact value for the choke’s specific geometry is unknown.

Problem 4.2
A 0.86 specific gravity oil flows through a 20/64 in. diameter choke with a 
pressure drop of 22 psi. Find the liquid flow rate if the discharge coefficient 
is assumed to be 0.85.

Solution

q . .
.

.1022 7 0 85 20/64
22

0 86
429 37 STB/D

2( )( )′ = =

4.3 MULTIPHASE FLOW THROUGH RESTRICTIONS
Only a brief history of the development of the most important correlations 
developed for multiphase flow through chokes is presented in the remaining 
of this chapter. Multiphase flow is a broad subject that is covered in special-
ized textbooks.

Multiphase flow through chokes is considerably more complex than single-
phase flow. The first correlations that were developed to model multiphase 
flow through chokes applied only to critical flow. The most important exam-
ples of these critical flow correlations are: Gilbert (1954), Baxendell (1958), 
Ros (1960), Achong (1961), and Omana et al. (1969).

In 1954, Gilbert published a correlation for multiphase critical flow that has 
the following form:
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q9=1022.7Cdd2
2P1−P2gL

q9=1022.70.8520/642220.86=429.
37 STB/D

P1=aq9LRglbdc



1414.3  Multiphase flow through restrictions

Where constants a, b, and c must be found from experiments. P1 is the pres-
sure upstream of the choke in psig, q′L is the liquid flow rate in STB/D, Rgl 
is the gas/liquid ratio in scf/STB, and d is the choke diameter in inches. This 
equation was derived from approximately 2,000 tests in wells producing from 
30 to 3,000 STB/D, with gas/liquid ratios from 100 to 50,000 scf/STB and 
wellhead pressures from 70 to 20,000 psig. For a given choke size and a con-
stant gas/liquid ratio, Eq. 4.27 can be written as P1 = k (q′L), where k is a con-
stant. This is a straight line equation in a wellhead pressure versus liquid flow 
rate graph, like the one shown in Fig. 4.10. As long as the flow is critical, the 
pressure upstream of the choke is a linear function of the liquid flow rate. The 
point where this line intersects the IPR curve (referred to the surface) corre-
sponds to the equilibrium point that defines the liquid production of the well.

Baxendell (1958) published a correlation which, in reality, is a slight modi-
fication of the Gilbert’s equation (the only difference is that parameters a, b, 
and c in Eq. 4.27 have different values).

Ros (1960) published another equation that is very similar to Gilbert’s equa-
tion, but it is based on experimental data with greater gas/liquid ratios. In 
this case P1 is in psia. Again, parameters a, b, and c in Eq. 4.27 have differ-
ent values.

Achong (1961) evaluated Ros’ equation with more than 100 experimental 
points obtained from wells in Lake Maracaibo. The equation proposed by 
Achong is also a modification of Gilbert’s equation.

An example of a more complex model for critical multiphase flow is the 
equation developed by Omana et al. (1969). This equation is based on a 
dimensional analysis from tests perform with natural gas and water and it is 

■■ FIGURE 4.10 Equilibrium point of a well producing with a wellhead choke in critical 
flow.
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recommended for liquids with viscosities similar to the viscosity of water 
and for choke diameters smaller than or equal to a 14/64 in.

One of the first correlations for subcritical multiphase flow through chokes 
was the one published by Ashford and Pierce (1974). The theoretical de-
velopment was in part based on measurements taken in a single oil well, in 
which an Otis 22J037 safety valve was installed at 3500 ft. of depth. Tests 
were performed with inside diameters of the safety valve equal to 14/64, 
16/64, and 20/64 in. The equation developed by Ashford and Pierce is an 
extension of the theory initially presented by Ros, but with the following 
improvements:

j The new model considers the adiabatic expansion of the gas 
simultaneously flowing with oil and water, using a polytropic 
expansion ratio.

j It takes into account the free and dissolved gas.
j For each operational condition, the model predicts if the flow is critical 

or subcritical.
j It provides a relationship that considers the fluid properties and relates 

the pressure drop across the choke to the oil, water, and gas flow rates.

Another important model that has been developed to predict subcritical mul-
tiphase flow through chokes is the one published by Sachdeva et al. (1986). 
The model was based on an experimental study carried out in a test loop 
with a 2.067-in. diameter pipe using 6-in. long chokes of 16/64, 20/64, 
24/64, 28/64, and 32/64 in. in diameter. The working fluid mixtures were 
air and kerosene or air and water. A total of 223 tests were made in criti-
cal flow, 220 in subcritical flow, and 110 at the boundary between critical 
and subcritical flows. The maximum upstream pressure was 99.5 psig. The 
point where air was mixed with the liquids was located 200 ft. away from 
the choke to guarantee a fully developed flow pattern just upstream of the 
choke. The superficial velocities of the phases were capable of sustaining all 
known horizontal flow patterns except annular flow. The choke was installed 
horizontally so that the effect of an elbow close to the entrance of the choke 
was eliminated. The maximum liquid flow rate was 1340 STB/D and the 
maximum gas flow rate was 136 Mscf/D.

An additional contribution given by Sachdeva is his comparative study of 
the most widely used correlations to predict multiphase flow through chokes 
by 1984, which was the year he published his Master’s thesis. The basis of 
comparison for the critical flow data was the upstream pressure, with the 
exception of the Ashford correlation, for which the liquid flow rate was the 
evaluated parameter. The pressure differential across the choke was the  basis 
of evaluation for the Pilehvari subcritical flow correlation. The  majority 
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of the correlations do not perform very well for the experimental condi-
tions present during Sachdeva’s tests. Gilbert’s correlation shows a good 
performance for air–kerosene mixtures but not for air–water mixtures. The 
Achong correlation does show a good performance for air–water mixtures. 
The standard deviation for Omana’s correlation is very small, indicating a 
good opportunity to improve it. Sachdeva’s study also indicates that, for his 
experimental conditions, the correlation proposed by Ashford tends to over 
predict the transition from critical to subcritical flow.

Surbey et al. (1988) published a correlation specifically developed for multi-
ple-orifice chokes as the one shown in Fig. 4.11. These chokes consist of two 
ceramic discs, in which only one of them is able to rotate with respect to the 
other. For the choke shown in the figure, each disc has two orifices. When 
these orifices are aligned, the effective maximum choke area is achieved.

Perkins (1990) published a correlation to calculate the mass flow rate in crit-
ical and subcritical flow through chokes. This equation was developed from 
the energy conservation equation, assuming isentropic flow and it was cor-
rected to account for irreversible losses by an average discharge coefficient 
obtained from 1432 data points published by other authors. The following 
assumptions were made by Perkins in the development of his correlation:

j Neither phase condensation nor evaporation takes place across the choke.
j The temperature and velocity change with position but, at each point, 

the phases are at the same temperature and velocity.
j The gas compressibility factor is constant.
j The liquid compressibility is negligible compared to the gas 

compressibility.
j Elevation changes are ignored.
j The flow is frictionless and adiabatic.

Ghassan and Maha (1991) published a comparative study of 10 critical flow 
correlations combined with 4 correlations to calculate PVT fluid proper-
ties. Different combinations of these two sets of correlations were evaluated 
with the data taken from 210 wells, which had a great variety of liquid flow 
rates, choke diameters, upstream pressures, gas/liquid ratios, and oil API 

■■FIGURE 4.11 Multiple-orifice chokes. (a) Totally open. (b) Partially open. (c) Close.



144 CHAPTER 4 Single and multiphase flow through restrictions 

gravities. The original field data (before an elimination process) came from 
56 tests performed in Irak, 108 tests obtained from Poettmann’s study, 27 
tests from Ashford’s work, and 37 tests from Omana’s experimental work. 
The great diversity of the values (considered by Ghassan and Maha) of the 
variables that play an important role in multiphase flow through chokes, 
makes this comparative work a very important one that should be taken into 
consideration when selecting a correlation to use. The correlations consid-
ered by the authors were: 

j Multiphase flow correlations through chokes: Gilbert (1954), Ros 
(1960), Baxendell (1958), Achong (1961), Poettmann and Beck (1963), 
Omana et al. (1969), Ashford and Pierce (1974), Pilehvari (1981), 
Sachdeva et al. (1986), and Al-Attar and Ghassan (1988).

j PVT property correlations: (1) For the formation volume factor: 
Standing (1977), Vazquez and Beggs (1980), and Ghassan and Naeema 
(1988); (2) For the solution gas/liquid ratio: Standing (1977), Lasater 
(1958), and Vazquez and Beggs (1980).

Ghassan and Maha used the criterion developed by Sachdeva et al. to deter-
mine if the flow was critical or subcritical. The tests that were in subcritical 
flow were discarded. Those tests in which all correlations gave average per-
cent errors greater than 20% were also eliminated. From the performance of 
the correlations, the authors reached three important conclusions: (1) PVT 
correlations had a minor impact on the overall performance; (2) all correla-
tions were highly sensible to the choke diameter; and (3) the majority of the 
correlations showed poor performances, but some correlations performed 
better than others. Gilbert’s correlation gave good results for choke diam-
eters greater than 30/64 in.. For diameters smaller than 30/64 in. and greater 
than or equal to 10/64 in., the correlation proposed by Sachdeva et al. gave 
the best results. For choke sizes smaller than 10/64 in., Poettmann–Beck 
and Ros correlations were the most accurate ones. Correlations developed 
by Achong, Omana, Pilehvari, and Al-Attar-Ghassan gave totally unsatis-
factory results. Omana’s correlation showed the worst overall performance.

Rastoin et al. (1992) published another comparative study that concentrated 
on the mechanistic models developed to predict the behavior of multiphase 
flows through chokes in critical and subcritical flow. In this study, the mod-
els that were considered were: Ashford and Pierce (1974), Sachdeva et al. 
(1986), and Perkins (1990). Regarding these models, Rastoin et al. made the 
following observations:

j Compared with other models, the Ashford–Pierce model was derived in 
a simpler way. The use of the specific heat ratio k′ implies that the flow 
is isentropic when in reality it is polytropic.
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j The isentropic specific heat ratio k′ and the polytropic exponent n are 
both used in Sachdeva equation. Rastoin et al. decided to use only 
coefficient n in this equation and called it “Sachdeva N.”

j Perkins consistently used the polytropic coefficient n in his derivation. 
Perkins did not disregard the use of the mixture velocity upstream of 
the choke and this, according to Rastoin et al., minimized the error 
in the application of Perkins’ equation in chokes with large diameter 
ratios.

A total of 1239 experimental points were used as the basics for the compara-
tive study published by Rastoin et al. These points were selected from the 
data obtained by Sachdeva (1984), Pilehvari (1980, 1981), and Omana et al. 
(1969). The type of flow was individually established by each researcher. 
The liquid flow rates were from 1 to 1,550 STBL/D, while the gas flow 
rates were from 400 to 295,000 scf/D. The Choke configuration was dif-
ferent for each author: Omana used chokes in a straight vertical pipe, while 
Pilehvari used a typical wellhead configuration with an elbow just upstream 
of the choke, and Sachdeva installed the chokes in straight horizontal pipes. 
Rastoin et al. took these configurations into consideration in their study. The 
database was used to find the predictive accuracy of each correlation. The 
observations made by Rastoin et al. are presented in following paragraphs.

Perkins and Sachdeva-N models showed approximately the same results. 
With the exception of the air-water data in Sachdeva database for critical 
flow, Sachdeva-N and Perkins models gave more accurate results than the 
model developed by Ashford, which over predicts the flow rate. All models 
showed more accurate results for the critical flow data than for subcriti-
cal flow. Omana’s data points appear to be suspicious because all models 
presented larger errors and standard deviations in comparison to the ones 
obtained with the other databases. Rastoin et al. indicated that this could be 
due to the fact that Omana used very small choke sizes. On the other hand, 
Ashford’s model predicted more points as being in subcritical flow when in 
reality they were observed in critical flow. The accuracy of Ashford’s model 
was improved by introducing the discharge coefficient in the model; but, for 
all methods and all categories of the available data, the standard deviation 
remained almost unchanged.

Rastoin et al. recommended using an average discharge coefficient of 0.856 
for chokes with a wellhead configuration, 0.987 for chokes installed in 
straight horizontal pipes, and 0.71 for chokes installed in straight vertical 
pipes.

Towailib and Marhoun (1994) published a correlation that must be seriously 
considered (even though it applies to critical flow only) because it is based 
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on 3554 data points from a group of wells in the Middle East in which 
large liquid production wells were included. Towailib and Marhoun used 
Fortunati’s correlation (Fortunati, 1972) to determine if the flow was criti-
cal or subcritical. They only took into account points that were predicted as 
being in critical flow. Towailib and Marhoun also carried out a comparative 
study (with the data used for the development of their correlation) and found 
that their correlation gave excellent results. Ros’ correlation also exhibited 
a very good performance even thought its development was not based on 
the data used for this comparison study. Gilbert and Surbey correlations 
also gave good results but with higher absolute errors. Omana correlation 
showed the worst results for this experimental data.

To study the performance of the new correlation proposed by Towailib and 
Marhoun and compare its accuracy with previous critical flow correlations, 
all correlations were additionally evaluated using the experimental data 
gathered by Ghassan and Maha (1991), which was not used in the devel-
opment of the correlation proposed by Towailib and Marhoun. The results 
indicate that the Towailib–Marhoun and the Fortunati correlations showed 
excellent performances for this set of data points. The correlations proposed 
by Gilbert, Ros, and Surbey, showed good results, while the correlations 
proposed by Omana and by Osman and Dokla (1990) kept giving poor re-
sults.

Elgibaly and Nashawi (1998) presented two new empirical correlations for 
critical and subcritical flows, developed for wells in the Middle East. These 
correlations are extremely simple. The study is based on 154 tests in critical 
flow and 106 tests in subcritical flow. The data for critical flow included ex-
perimental points from Egypt, Iraq, United Arab Emirates, and Kuwait. The 
data for subcritical flow came from measurements taken in Iraq, Kuwait, 
and the data provided by Ashford and Pierce. The Ashford and Pierce cor-
relation was used to determine if the flow was critical or subcritical.

Besides doing a comparative study of their new correlations, Elgibaly and 
Nashawi also determined the effect that PVT correlations have on the Ash-
ford and Pierce (1974) correlation. It must be indicated that the Ashford and 
Pierce correlation was modified by Ghassan and Aswad (1990) in a study 
where the Standing (1947; 1977) correlations were used to predict the gas/
oil ratio, the formation volume factors, and the gas compressibility. The 
modification consisted in adjusting the discharge coefficient to minimize 
the error for the field data that was used. Elgibaly and Nashawi also modi-
fied the Ashford and Pierce correlation in a similar study where the correla-
tion developed by Al-Marhoun (1988) to calculate the solution gas/oil ratio 
and the formation volume factor for oils from the Middle East was used. 
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Elgibaly and Nashawi used the Dranchuk et al. (1974) correlation to calcu-
late the gas compressibility. Because the comparative study presented was 
conducted with the data that was used by Elgibaly and Nashawi to develop 
their own correlation, it is not surprising that it was precisely this correlation 
that exhibited the best performance. But this comparative study can be used 
to visualize how other correlations performed for this experimental data. 
For example, it can be appreciated that Pilehvari’s correlation is not very 
accurate for these operational conditions. On the other hand, the modifica-
tion made by Ghassan and Aswad to the Ashford and Pierce correlation did 
not make it more accurate than the rest of the correlations considered in the 
study. Additionally, the modification made by Elgibaly and Nashawi to the 
Ashford and Pierce correlation only slightly improved its accuracy.

Experimental points published by Ghassan and Maha (1991) were used to 
validate the correlation developed by Elgibaly and Nashawi. This data were 
not used in the development of the correlation proposed by Elgibaly and 
Nashawi. The best performance was shown by the correlation developed by 
Elgibaly and Nashawi. The correlations developed by Gilbert, Ros, Baxen-
dell, and Achong gave better results than the Ashford and Pierce correlation.

The correlation developed by Elgibaly and Nashawi for subcritical flow was 
compared with the Ashford and Pierce correlation with the same data that 
was used to develop the Elgibaly and Nashawi correlation. The absolute 
error is practically the same for all correlations. The Ashford and Pierce 
correlation, modified by Elgibaly and Nashawi using the Al-Marhoun PVT 
correlation, proved to be slightly more accurate.

The evaluation of the subcritical correlations was based on the data provided 
by Ashford and Pierce, which is probably the reason why this correlation 
showed the best performance; however, the Elgibaly and Nashawi correla-
tion showed a good performance even thought the data used in the evalua-
tion was totally different from the one used in the development of this cor-
relation and considering also the fact that this correlation is much simpler 
than the one developed by Ashford and Pierce.

Additional critical and subcritical flow correlations were introduced by Al-
Attar (2009) for wells in the Middle East. One of the highlights of this 
study is having taken into consideration the type of chokes used in the tests. 
Cameron LD, Cameron F, and simple tubular chokes (bean settings) were 
used. The PVT correlations used by Al-Attar were also reported. A weak 
aspect of the correlation proposed by Al-Attar is the fact that it was based 
on tests in which only one API gravity was used and the water cut was equal 
to zero for all experimental points. Additionally, in comparison to other 
experimental studies, the number of data points considered by Al-Attar was 



148 CHAPTER 4 Single and multiphase flow through restrictions 

very small. An important comparative study presented in this work shows 
the behavior of other correlations for the experimental conditions consid-
ered by Al-Attar.

One of the contributions made by Al-Attar was the determination of the 
discharge coefficients for the Ashford–Pierce and Fortunati subcritical cor-
relations using the operational conditions found in his study.

Al-Attar carried out a comparative study for subcritical flow. The selected 
existing correlations were the Ashford–Pierce and the Fortunati correlations, 
both modified with the discharge coefficients adapted for the conditions 
found in the experimental data used by Al-Attar. The field data used in this 
comparative study for subcritical flow is the same data used to develop the 
subcritical correlation proposed by Al-Attar and that is probably the reason 
why this correlation gave good results. But it should be mentioned that the 
Fortunati and the Ashford–Pierce correlations were also adapted for the field 
data used in this comparative study and that might also be the reason why all 
correlations show the same degree of accuracy.
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5
Total system analysis 

applied to gas lift design

The main goals in the design of a gas lift well are to find the depths, area 
ratios, and calibration pressures of the operating and unloading valves. The 
gas lift valve through which gas is injected during the normal operation of 
the well is called the “operating” valve and its depth is referred to as the 
“point of injection depth.” All valves above the operating valve are called 
“unloading” valves because they are only used to unload the well. The un-
loading operation consists in displacing the liquids in the casing–tubing an-
nulus with injection gas until the annular liquid level reaches the point of 
injection depth. The unloading operation is explained in chapter: Design of 
Continuous Gas Lift Installations, while design methods for continuous and 
intermittent gas lift are explained in detail in chapters Design of Continu-
ous Gas Lift Installations and Design of Intermittent Gas Lift Installations, 
respectively. Before design calculations can be performed, it is necessary 
to know the well’s target liquid production, the operating injection point 
depth, and the required injection gas flow rate. All of these parameters can be 
found following the calculation procedures presented in the chapter. These 
procedures take into consideration all the gas lift system’s components that 
play a role in the production of the well: the reservoir, the production tub-
ing, the flowline, and the conditions at the separator or flow station. The 
explanations given in the chapter focus mainly on the determination of the 
point of injection depth, the well’s liquid production, and the corresponding 
injection gas flow rate, which are all explained in Section 5.1. Other types of 
analyses, with different objectives, that take into account all system’s com-
ponents are also presented in the first part of the chapter. These additional 
analyses are usually very helpful in designing and troubleshooting activi-
ties. At the end of the chapter, in Sections 5.2 and 5.3, different examples 
of the effect that each system’s component has on the operation of the well, 
as well as an example problem, are presented. The reader should be familiar 
with IPR and outflow curves. The explanation given for Fig. 3.3 describes 
how outflow curves are constructed. In the chapter, the produced gas–liquid 
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mixture is assumed to flow up the tubing while the gas is injected down 
the casing–tubing annulus; but the theory presented here works for annular 
or tubing production and, to avoid confusion, the pressure of the produced 
gas–liquid mixture is called the “production” pressure and the pressure of 
the injection gas is simply called the “injection” pressure.

5.1 DETERMINATION OF THE DEPTH OF THE 
OPERATING POINT OF INJECTION
The first step in the design of a gas lift well is finding out the optimum depth 
of the “operating” valve which, as explained earlier, is the final point of 
injection once the well has been unloaded. This can be done by following 
procedures that (with a few minor variations) can be applied to all types of 
gas lift valves. Together with the determination of the injection point depth, 
the production liquid flow rate and the required injection gas flow rate are 
simultaneously calculated.

The main objective at this stage is to locate the operating point of injection 
as deep as the available surface injection pressure allows it to be. The deeper 
the point of injection is, the more efficient the gas lift method becomes be-
cause a greater drawdown can be achieved; however, it is not always pos-
sible to inject gas at the deepest point available in the well because of one, 
or several, of the following reasons:

j The available injection pressure might not be large enough.
j The maximum gas flow rate might be limited.
j Mandrels and/or gas lift valves might not be able to withstand 

downhole conditions at great depths.
j The inclination angle of the tubing might be greater than 60–70 degrees 

(with respect to the vertical), making it very hard for wireline operators 
to install or retrieve gas lift valves with conventional wireline tools. 
Although new wireline equipment are making it possible to install and 
retrieve gas lift valves in horizontal tubing strings, injecting gas at very 
large inclination angles might actually increase the bottomhole flowing 
pressure because: (1) the friction component of the pressure drop is 
increased, and (2) the multiphase flow tends to stratify, increasing the 
liquid holdup (therefore increasing also the hydrostatic component of 
the pressure drop along the production tubing).

The procedures described here assume unlimited gas flow rate availability. 
If that is not the case, these procedures would basically be the same, but it 
would simply be necessary to check, at each step, if the maximum injection 
gas flow rate has been reached so that it will not be exceeded.
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Before getting into the details of the calculation procedures, a few expla-
nations regarding pressure traverse curves along the production tubing are 
presented. The effect of increasing the total gas/liquid ratio (keeping the 
wellhead pressure and the liquid flow rate constant) is shown in Fig. 5.1. As 
the gas/liquid ratio is increased, the tubing pressure decreases until a limit 
is reached in which the tubing pressure starts to increase. The curve with 
the minimum production pressure possible is called the “minimum gradient 
curve.” As shown in Fig. 5.1, the gas/liquid ratio needed to reach the mini-
mum gradient curve increases for deeper depths along the tubing.

But if the wellhead pressure is not constant (because the pressure losses in 
the flowline are not negligible and should be considered), there might be 
an increase in the wellhead pressure that has the opposite effect the gas/
liquid ratio has on the production tubing pressure, as the injection gas flow 
rate is increased from very low values. In this case, as the gas/liquid ratio is 
increased, the pressure drop along the surface flowline increases, therefore 
increasing the wellhead pressure and causing a displacement of the vertical 
pressure curves to the right of the graph, as can be seen in Fig. 5.2. It is pos-
sible then that, thanks to the increase of the pressure drop in the flowline, the 
bottomhole flowing pressure stops decreasing before reaching the minimum 
gradient curve as the gas/liquid ratio is increased from very low values.

The liquid flow rate is kept constant in Figs. 5.1 and 5.2 for didactical 
purposes. In reality, any change in the injection gas flow rate will cause a 
change in the liquid production due to the change in the bottomhole flowing 

■■ FIGURE 5.1 Production pressure curves for different gas/liquid ratios GLR (all curves 
have the same liquid flow rate and wellhead pressure).



154 CHAPTER 5 Total system analysis applied to gas lift design

pressure and the way the flow from the reservoir adapts to this new pressure. 
Understanding how these interactions between the different components of 
a gas lift well take place is precisely the main objective of the chapter. In 
Sections 5.1.1 and 5.1.2, several procedures, with increasing level of com-
plexity, that can be used to find the depth of the point of injection, are pre-
sented. The intention in these sections is to familiarize the reader with the 
role of each system’s component. The actual procedures currently being 
used by commercially available software to find the depth of the point of in-
jection are explained at the end of Section 5.1.3, after some useful additional 
operations are explained.

5.1.1 Determination of the injection point depth 
assuming constant wellhead production pressure
When the wellhead is near the separator or the flowline length and diam-
eter are such that the pressure drop along the flowline is negligible, the 
wellhead production pressure can be assumed constant. This is the sim-
plest case possible and an ideal condition to illustrate the required calcula-
tions to find the injection point depth. The pressure–depth diagram that 
describes the location of the point of injection is shown in Fig. 5.3. All 
procedures presented in the chapter can be easily understood by referring 
to this type of diagram.

Procedure using several gas/liquid ratios to connect the wellhead produc-
tion pressure to the production pressure at the injection point depth. The 

■■ FIGURE 5.2 Production pressure curves for different gas/liquid ratios (the liquid flow 
rate is kept constant but the wellhead pressure is allowed to change with increasing gas 
flow rate).
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procedure that illustrates how the depth of the operating point of injection is 
found using this approach is as follows:

j In a pressure–depth diagram, like the one shown in Fig. 5.3, the 
available surface injection pressure and the static reservoir pressure 
are plotted. The available surface injection pressure is the minimum 
pressure at the injection manifold (taking pressure fluctuations at 
the manifold into consideration) minus the following factors: (1) 
from 50–100 psi (so that a sufficiently large differential pressure 
between the manifold and the well is available to provide an 
adequate injection gas flow rate when the first valve is uncovered). 
A differential pressure larger than 100 psi might be recommended in 
cases where the gas lift system’s pressure is not very stable; and (2) 
The number of unloading valves times the required surface injection 
pressure drop per unloading valve (in case of injection-pressure-
operated valves). Because the total number of unloading valves is not 
known a priori, a reasonable first guess is used to start the iterations. 
The number of unloading valves is determined during the mandrel 
spacing procedure (explained in chapter: Design of Continuous 
Gas Lift Installations) performed after the present calculations 
are finished. If during the mandrel spacing procedure the point of 
injection depth calculated here is not reached, all the calculations that 
are described next should be repeated with a lower (more realistic) 

■■ FIGURE 5.3 Location of the operating gas injection point.
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surface injection pressure. This is why the global design (which 
consists of the total system analyses explained in this chapter plus 
the mandrel spacing procedures explained in chapter: Design of 
Continuous Gas Lift Installations) is an iterative process.

j From the available surface injection pressure, several injection 
pressures are calculated at different depths. This gives the gas 
injection line along the casing–tubing annulus (assuming that the 
gas is injected down the annulus). The injection pressure at depth is 
usually determined as a static gas column, but there are cases in which 
frictional losses are not negligible, for example: (1) very large injection 
gas flow rates, (2) gas is injected down the tubing and the liquid is 
produced up the annulus, or (3) gas is injected down a parallel string, 
see Fig. 6.46c.

j An additional 100 psi is subtracted from the injection pressure 
line found in the previous step to determine the gas injection line 
that is actually used in finding the point of injection. This pressure 
drop corresponds to the minimum pressure drop that should take 
place through the gas lift valve so that the injection gas is capable 
of entering the production tubing. To avoid instability problems 
(like the one shown in Fig. 8.4), a safer pressure drop across the 
gas lift valve will be one not smaller than 20% of the value of the 
injection pressure at the maximum depth where a gas lift valve can 
be installed (the use of the instability criteria, as explained at the 
end of chapter: Design Of Continuous Gas Lift Installations, might 
be required to determine the exact value of the pressure drop across 
the gas lift valve to use in the determination of the depth of the 
point of injection). For the purpose of this introduction, 100 psi will 
be taken as the minimum pressure drop across the operating gas 
lift valve.

j From the IPR curve, the bottomhole flowing pressure is calculated 
for different liquid flow rates (q1, q2, and q3, for example). These 
pressures are plotted at mid perforations’ depth. Then, using the 
formation gas/liquid ratio, production pressure curves are calculated 
from the bottomhole flowing pressures (for each liquid flow rate 
being considered) to the point where they intersect the gas injection 
line; see Fig. 5.4 (q1, q2, and q3 are shown in Fig. 5.4a, b, c, 
respectively).

j Using a multiphase flow correlation for each liquid flow rate, the 
production pressure is calculated from the wellhead to the gas 
injection line for different total gas/liquid ratios. This is done 
separately for each liquid flow rate. At each liquid flow rate, there is 
one and only one total gas/liquid ratio for which the pressure curve 
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coming from the perforation (with the formation gas/liquid ratio) is 
connected to the production pressure curve from the wellhead (with 
the total gas/liquid ratio), so that the injection gas flow rate and the 
depth of the point of injection are simultaneously determined for 
each liquid flow rate.

j The procedure described in the previous step is repeated for each liquid 
flow rate, in increasing order (q1, q2, and q3 are respectively shown in 
Fig. 5.4a, b, c), until a liquid flow rate is found for which the wellhead 
production pressure is connected to the bottomhole flowing pressure 
with the minimum gradient curve. For larger liquid flow rates, there 
is no way of connecting the wellhead pressure to the bottomhole 
flowing pressure because the pressure at the intersection of the 
“minimum gradient curve” (from the wellhead) with the gas injection 
line is greater than the pressure at the intersection of the “production–
pressure curve” (from the perforations) with the “gas injection line,” 
(Fig. 5.4c). Notice that as the liquid flow rate increases (q1 < q2 < q3), 
the production pressure curves become “heavier” (more horizontally 
inclined).

The bottomhole flowing pressures for different gas/liquid ratios and different 
liquid flow rates are superimposed on the IPR curve in Fig. 5.5b. GLRMIN 
corresponds to the formation gas/liquid ratio while GLRMAX is the gas/liquid 
ratio at which the pressure traverse curve with the minimum pressure gradi-
ent is found. GLRMIN and GLRMAX curves seem to be independent, parallel 
curves and not a continuous curve like the ones shown in Fig. 3.3. This is due 

■■ FIGURE 5.4 Procedure to find the 
liquid production with the minimum 
gradient curve.  (a) Liquid flow rate q1, (b) 
Liquid flow rate q2, (c) Liquid flow rate q3.
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to the fact that points in Fig. 5.5 correspond to different injection point depths 
while the ones in chapter: Multiphase Flow are for a constant gas injection 
point depth. The point at which the maximum liquid flow rate is obtained 
corresponds to the point where the GLRMAX curve intersects the IPR curve. 
This takes place between liquid flow rates q2 and q3 as can be appreciated 
in Fig. 5.5b. The liquid flow rate so obtained is the maximum rate the well 
can produce for the available injection pressure. This procedure also gives 
the injection gas flow rate because it is equal to the liquid flow rate found in 
this procedure times the difference of the total gas/liquid ratio to reach the 
minimum pressure gradient minus the formation gas/liquid ratio.

Procedure using the minimum pressure gradient at each step. The deter-
mination of the injection point depth (with constant wellhead pressure) can 
also be illustrated using the following approach:

j In a pressure–depth diagram like the one shown in Fig. 5.3, the static 
reservoir pressure and the surface available injection pressure are 
plotted. The available surface injection pressure is the same pressure 
defined in the previous procedure.

j From the surface available pressure, injection pressures are calculated 
at different depths to find the gas injection line along the annulus. The 
injection pressure at depth is usually determined as a static gas column; 
but, as explained in the previous procedure, there are cases in which 
frictional losses are not negligible.

j 100 psi (or 20% of the gas injection pressure at the maximum depth 
where a gas lift valve can be installed) is subtracted from the line found 

■■ FIGURE 5.5 Determination of the injection point depth with variable gas/liquid ratio.  
(a) Pressure traverse curves, (b) Inflow-outflow curves.



1595.1  Determination of the depth of the operating point of injection

in the previous step to give the gas injection line that is actually used 
in finding the point of injection. As in the previous procedure, this 
pressure drop is the minimum pressure drop that should take place 
through the gas lift valve.

j From the wellhead production pressure, pressure traverse curves are 
calculated for several probable liquid flow rates (q1 < q2 < q3), all 
of them with the injection gas/liquid ratio that gives the minimum 
gradient curve. These curves are plotted from the wellhead to the point 
where they intersect the annulus gas injection pressure line minus 
100 psi (or minus 20% of the gas injection pressure at the maximum 
depth where a gas lift valve can be installed). From that point to 
the perforations, production pressure curves are plotted with their 
respective liquid flow rates (but with the formation gas/liquid ratio) to 
obtain the flowing bottomhole pressures for the different liquid flow 
rates that were considered.

j The bottomhole flowing pressure for each liquid flow rate is 
plotted together with the IPR curve of the well, see Fig. 5.6b. The 
intersection of the IPR curve with the curve that joints all of the 
bottomhole flowing pressures (at GLRMAX) determines the liquid 
production, the required injection gas flow rate, and the depth of the 
point of injection.

Procedure using equilibrium curves. The minimum-gradient production 
pressure curves, for different liquid flow rates, are plotted from the wellhead 
production pressure to the bottom of the well. Each of these curves should 
intersect its corresponding curve (the one with the same liquid flow rate) 

■■ FIGURE 5.6 Determination of the injection point depth with the minimum gradient curve. 
(a) Pressure traverse curves, (b) Inflow-outflow curves.
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plotted from midperforations’ depth using the formation gas/liquid ratio and 
starting at the flowing bottomhole pressure predicted from the IPR curve 
for each liquid flow rate. The curve obtained by joining all the intersec-
tion points corresponding to each liquid flow rate is called “the equilibrium 
curve with variable injection gas flow rate.” The intersection of this equi-
librium curve with the injection pressure line (which is the pressure in the 
annulus minus 100 psi or minus 20% of the gas injection pressure at the 
maximum depth where a gas lift valve can be installed) corresponds to the 
injection point depth, see Fig. 5.7.

The equilibrium curve presented in Fig. 5.7 is the curve that guarantees the 
maximum possible liquid production for a given injection pressure. Each 
point on this curve corresponds to a different liquid production and injection 
gas flow rate. There is another type of equilibrium curve that is obtained 
with a constant injection gas flow rate for all points. This constant-injection-
gas-flow-rate equilibrium curve makes calculations easier, but it does not 
guarantee that the calculated point of injection will correspond to the maxi-
mum liquid production (unless several of them are built, each for a particu-
larly fixed injection gas flow rate, so that a maximum liquid production is 
found from the curve that intersects the injection pressure line at the deepest 
point). Constant-injection-gas-flow-rate equilibrium curves are very useful 
when trying to understand complex troubleshooting and design calcula-
tions and they are explained in detail in Section 5.1.3. The principal reason 
constant-injection-gas-flow-rate equilibrium curves are used is because it is 
very difficult to write a computer program to performed the calculations that 

■■ FIGURE 5.7 Determination of the injection point depth using the minimum-production-
pressure-gradient equilibrium curve. (a) Pressure traverse curves, (b) Inflow-outflow curves.
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are described in Fig. 5.7. Years ago, before computer programs were used to 
design gas lift installations, calculations were performed manually using the 
equilibrium curve shown in Fig. 5.7. Even though it was a time-consuming 
and not an accurate procedure, doing these calculations by hand is not as 
complicated as writing a computer program to generate equilibrium curves 
with variable injection gas flow rates.

As can be seen in Fig. 5.7, it is not possible to obtain liquid flow rate q3 be-
cause the available injection pressure is not high enough to inject gas at the 
intersection point depth for that liquid flow rate.

5.1.2 Finding the injection point depth with variable 
wellhead pressure
Taking into consideration the possible changes in the wellhead pressure is 
a more realistic approach which is many times unavoidable. The wellhead 
production pressure changes because the pressure drop along the flowline 
depends on the liquid flow rate and the total gas/liquid ratio. The following 
steps describe the calculation procedure with variable wellhead pressure, 
see Fig. 5.8:

j The first step is to calculate and plot the flowing bottomhole production 
pressure for each liquid flow rate being considered (q1, q2, …). This is 
done using the IPR curve of the well.

j Production pressure curves are then plotted from the bottomhole 
flowing pressure for each liquid flow rate until they intersect the gas 

■■ FIGURE 5.8 Wellhead pressures found from (a) the perforations, and (b) the 
separator.
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injection pressure line in the annulus of the well minus 100 psi (or 
minus 20% of the gas injection pressure at the maximum depth where a 
gas lift valve can be installed), see Fig. 5.8a.

j From the intersection points found in the previous step, production 
pressure curves are plotted to the surface with different total gas/liquid 
ratios for each liquid flow rate that was considered in the first step. 
In this way, for each liquid flow rate, several wellhead pressures are 
found as a function of the total gas/liquid ratio, see Fig. 5.8a.

j With the same liquid flow rates and gas/liquid ratios used in the 
previous steps, the wellhead pressure is calculated but this time starting 
at the separator (or production manifold), see Fig. 5.8b.

j In a “wellhead pressure” versus “liquid flow rate” diagram, two sets of 
wellhead pressure curves are plotted. Each of these curves corresponds 
to a single total gas/liquid ratio. One set of wellhead pressure curves 
is found from the bottomhole flowing pressure and the other set is 
found from the separator’s pressure, following the procedure explained 
earlier. The intersections of each set of curves with the same total gas/
liquid ratio generate the dashed line shown in Fig. 5.9, from which the 
maximum liquid flow rate and its corresponding wellhead pressure are 
found.

It is worthwhile noting that, contrary to the case in which the wellhead pres-
sure is constant, the gas/liquid ratio found for the maximum liquid produc-
tion might not be the gas/liquid ratio that gives the minimum gradient curve 
in the production tubing. This is due to the following factors:

j In multiphase vertical flow, the hydrostatic pressure drop is the 
principal component of the total pressure drop and friction plays a 
secondary role. This means that, if the wellhead pressure is constant, 
the important point to consider while trying to reach the deepest point 

■■ FIGURE 5.9 Finding the injection point depth for variable wellhead pressure.
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of injection is to make the liquid column in the tubing as light as 
possible.

j The friction component of the total pressure drop is the most important 
one in horizontal multiphase flow. In this case, the wellhead pressure 
could increase while trying to reduce the gas-liquid mixture density 
in the tubing; therefore, the increase in the wellhead pressure could 
overcome the effect of reducing the density of the production fluids in 
the tubing before reaching the minimum pressure–gradient curve.

5.1.3 Use of computer programs to find the point of 
injection and perform additional useful operations
The procedures presented in the previous sections illustrate how each com-
ponent of the system plays a particular role in the production of the well. 
However, following these procedures is not practical and, in many cases, 
not even necessary to design a gas lift well. If the available injection pres-
sure is high enough to reach the desired point of injection, the maximum liq-
uid flow rate and the required injection gas flow rate are easily determined 
because the calculations involve a single point of injection depth. The maxi-
mum liquid production is found by performing a total system analysis for 
different total gas/liquid ratios as shown in Fig. 5.10, where the outflow 
curves intersect the IPR curve at different points.

The results obtained from the simulations shown in Fig. 5.10 are better ap-
preciated if the liquid and injection gas flow rates, from each intersection 

■■ FIGURE 5.10 Total system analysis for different injection gas flow rates keeping the 
point of injection at a constant depth.
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point of the outflow and inflow curves, are plotted in a diagram like the one 
shown in Fig. 5.11.

It can be seen in Fig. 5.11 that there is one injection gas flow rate for which 
the liquid production is maximized. But this point does not necessarily rep-
resent the condition at which profitability is maximized. It might be possible 
to reduce the injection gas flow rate without drastically affecting the liquid 
production so that savings on gas compression and produced-water treat-
ment and handling can be realized, maximizing in this way the profitability 
of the well (this reduced injection gas flow rate is called the “optimum in-
jection flow rate” as shown in Fig. 5.11). Fig. 5.11 also shows the different 
events that could take place as the injection gas flow rate is reduced to zero 
(cases A, B, and C). As the gas flow rate is reduced, one of the following 
responses can occur in the well (depending on the reservoir pressure and 
operational conditions).

j If the reservoir pressure is high enough, the well can produced on 
natural flow without gas injection. In this case, without gas injection, 
the liquid production could be stable, case “A” in Fig. 5.11, or unstable 
(heading), case “B.”

j If the outflow curve with no gas injection does not intersect the inflow 
curve, the well simply cannot produce without gas injection, case “C.” 
In this case, even at very low injection gas flow rates the production 
can be greater than zero but it will be unstable until the gas flow rate 
is increased to a certain level above which the production stabilizes. 
The instability that takes place when the injection gas flow rate is 

■■ FIGURE 5.11 Liquid production versus injection gas flow rate.
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less than a certain level could occur for different reasons: (1) If at 
the point of injection there is an injection-pressure-operated gas lift 
valve (which are explained in chapter: Gas Lift Valve Mechanics), 
then it is possible that at low injection gas flow rates the injection 
pressure decreases to the valve’s closing pressure and the valve closes 
but because the gas injection into the well’s annulus is continuous, 
the injection pressure will increase, eventually opening again the 
operating valve to start a new injection cycle; and (2) If there is an 
orifice valve installed at the point of injection, the production pressure 
increases (due to lack of sufficient lift gas) until it becomes greater 
than the injection pressure at depth so that the gas injection into 
the tubing ceases; however because the gas injection at the surface 
is continuous, eventually the injection pressure will increase and 
overcome the tubing pressure and a new injection cycle is repeated. 
These sources of instabilities explain here for case “C” could happen 
for all cases (A, B, or C) if gas injection is kept at a very low rate; 
therefore, it is always necessary (even for wells that can produce on 
natural flow) to check the minimum injection gas flow rate that will 
provide stable liquid production.

The alternatives just described can be explained by the behavior of the out-
flow curves (without gas injection) with respect to the IPR curve as shown 
in Fig. 5.12.

It can also be appreciated in Fig. 5.11 that if too much gas is injected into 
the well, the liquid flow rate is actually reduced. This is due to the increase 
in the frictional pressure drop that takes place in the flowline and in the 

■■ FIGURE 5.12 Alternatives that can take place when the gas flow rate is reduced 
to zero. (inflow and outflow curves).
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production tubing. The hydrostatic pressure component in the tubing be-
comes very small (because the injection gas occupies more space) but the 
friction component (in the tubing and flowline) increases, making the total 
pressure gradient larger than its minimum possible value. This is shown 
in Fig. 5.13. The decline in liquid production due to gas overinjection 
(Fig. 5.11) usually has a small downward slope with no drastic drop in the 
liquid production and this is the reason why many wells can be over injected 
for a long time without being noticed.

If the injection pressure is not high enough to reach the maximum pos-
sible depth of the point of injection (usually located right above the produc-
tion packer), total system analysis should be performed to find the point 
of injection for which the liquid production (or the net profit) of the well 
is maximized. The different calculation procedures that can be performed 
today, thanks to the calculation power offered by personal computers, are 
explained in the following sections. One of these procedures is the “practi-
cal” determination of the depth of the point of injection, which is explained 
towards the end of this section after the following useful operations are 
described first.

Total system analysis. Current computational programs can perform simul-
taneous operations that give results like the ones shown in Fig. 5.14. The 
variable that needs to be found appears on the vertical axis and the user usu-
ally has the following options for this variable:

j Liquid flow rate: the program calculates the liquid flow rate, q′L, the 
well can produce. The inlet and outlet pressure of the system should be 
entered by the user to perform the operation.

■■ FIGURE 5.13 Effect of the injection gas flow rate on the total pressure gradient.
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j Outlet pressure: the program calculates the outlet pressure, which could 
be the wellhead pressure, Pwh, or the separator pressure (or production 
manifold pressure), Psep, if the effect of the flowline is considered. The 
inlet pressure and the liquid production should be entered by the user.

j Inlet pressure: the program calculates the inlet pressure, which is 
usually taken as the reservoir pressure, PR. The liquid flow rate and the 
outlet pressure should be entered.

On the other hand, any variable X (defined later) is plotted on the horizontal 
axis of Fig. 5.14. The influence of variable X on the operation of the system 
is easily investigated in this way. For each value of X, a sensitivity analysis 
can be performed with another variable Y so that its influence can also be 
studied. The options for X and Y are the same for both variables and they 
can be classified as:

j Fluid properties: water cut, gas or water specific gravity, oil API 
gravity, formation gas/oil ratio, etc.

j System data: separator or wellhead pressure, injection gas flow 
rate, etc.

j Reservoir data: productivity index, reservoir pressure, or 
temperature, etc.

j Tubing or flowline data: inside diameter, pipe roughness, etc.

For each possible combination of X and Y, the computer program deter-
mines the value of one of the following variables (depending on the selected 
option for the variable on the vertical axis): liquid flow rate, outlet pressure, 
or inlet pressure.

For the first option (liquid flow rate calculation), given the fact that the res-
ervoir pressure is known, the program determines the maximum liquid pro-
duction the reservoir can provide with a bottomhole flowing pressure equal 
to zero. This flow rate is known as the absolute open flow (AOF) potential. 
Then, for a number of liquid flow rates less than the AOF, the bottomhole 

■■ FIGURE 5.14 Typical results from a total system analysis.
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flowing pressures are calculated from the outlet pressure (from top to bot-
tom) as shown in Fig. 5.15a. Due to the fact that the reservoir pressure is 
known, the program can calculate the required drawdown for each liquid 
flow rate being considered (from the reservoir to the sand face) as shown in 
Fig. 5.15b. Both sets of pressures, the bottomhole flowing pressures calcu-
lated from the outlet pressures (out flow curve) and the bottomhole flowing 
pressures calculated from the reservoir drawdown (inflow curve), are plot-
ted as shown in Fig. 5.15c. The point where the inflow curve intersects the 
outflow curve determines the liquid flow rate the well can produce and the 
corresponding bottomhole flowing pressure, for the particular values of X 
and Y being considered. This calculation process is repeated for each X–Y 
combination.

For the second option (outlet pressure calculation), given the fact that 
the reservoir pressure and the liquid flow rate are known, the program 
determines the bottomhole flowing pressure first, as shown in Fig. 5.16a 
(from the IPR curve). From this calculated bottomhole flowing pressure 
and the known liquid flow rate, the program calculates the outlet pres-
sure as shown in Fig. 5.16b (from the bottom of the well to its outlet) for 
the particular values of sensitivity variables X and Y being considered. 
This calculation procedure is repeated for all combinations of variables 
X and Y.

For the third option (inlet pressure calculation), given the fact that the liquid 
flow rate and the outlet pressure are known, the program calculates the bot-
tomhole flowing pressure first, in the direction shown in Fig. 5.17a (from 
top to bottom). This determines the point (q′L, Pwf) shown in Fig. 5.17b. By 
means of an iterative procedure, a reservoir pressure, PR, is found so that 

■■ FIGURE 5.15 Liquid flow rate determination.
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the point defined by the calculated bottomhole flowing pressure, Pwf, and 
the liquid flow rate, q′L, lies on the IPR curve for the particular values of 
sensitivity variables X and Y being considered.

Besides variable Y, there are programs that allow simultaneous calculations 
for several sensitivity variables (and not just one): Y, Z, W, etc. For example, 
the user might want to calculate the liquid production for different injection 
gas flow rates, taken as X, with the oil API gravity and the formation gas/oil 
ratio as sensitivity variables Y and Z, respectively.

Pressure and temperature profile determination. This operation gives the 
pressure and temperature distribution along the tubing and flowline for 

■■ FIGURE 5.16 Outlet pressure determination.

■■ FIGURE 5.17 Inlet pressure calculation.
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different sensitivity variables, X, as shown in Fig. 5.18, where three values 
of the sensitivity variable are shown. The options for sensitivity variables to 
use are the same as the ones given for the “total system analysis” operation 
described earlier. Here too, the user must enter two of the following three 
variables: inlet pressure, outlet pressure, or liquid flow rate. The program 
calculates the unknown variable following the same steps described for 
“ total system analysis,” but in this case the program shows the pressure and 
temperature profile for each solution.

Multiphase flow correlation comparison. This operation is identical to the 
previous one only that instead of having different sensitivity variables, the 
program shows the results obtained from the different vertical and/or horizon-
tal correlations selected by the user. As with the other operations, two of the 
following variables must be entered and the program calculates the unknown 
one using the same calculation procedures presented previously for total 
system analysis: inlet pressure, outlet pressure, or liquid flow rate. Fig. 5.19  

■■ FIGURE 5.19 Multiphase flow correlation comparison.

■■ FIGURE 5.18 Pressure and temperature profile.
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shows a typical result of this type of operation. Usually, the user can intro-
duce the results from a downhole pressure and temperature survey to com-
pare them with the calculated values obtained from the different selected 
correlations. In this way, the correlation that fits the measured values more 
accurately can be used for other types of analysis. Some computer programs 
allow the use of one correlation above a certain depth and a different one 
below this point. This is particularly advantageous in long tubing strings 
in which the bottomhole pressure is above the bubble point pressure but 
the gas/oil ratio is large enough to have slug flow at shallow depths. Some 
computer programs also provide the means to automatically select the best 
correlation and, at the same time, adjust coefficients like the friction factor, 
the holdup factor and/or the heat transfer coefficient. In this case, the user is 
allowed to define the range of values that will be allowed for these factors. 
The deviations of these factors should not be too large (important deviations 
are usually the result of poorly calibrated PVT models used in the calcula-
tions or poor quality of the field measurements).

Nodal analysis. This operation is identical to the “total system analy-
sis” operation presented earlier but with only the liquid flow rate as the 
variable to be determined. Another difference is that the user has the 
option of selecting the point of the system for which the inflow and out-
flow pressures are shown. This point is known as the “nodal point” or 
just the “node.” Additionally, the user can select one sensitivity variable 
upstream of the node and/or one sensitivity variable downstream of the 
node. For example, if the user sets the node at the bottom of the well, 
the tubing diameter could be a downstream sensitivity variable and the 
reservoir pressure could be an upstream sensitivity variable. In Fig. 5.20, 
there are two values for the inflow (upstream) sensitivity variable and 
three values for the outflow (downstream) sensitivity variable. Inflow 
pressures are calculated (for each liquid flow rate) from the reservoir to 
the nodal point, while the outflow pressures are calculated (for the same 
liquid flow rates) from the wellhead (or the separator, if the flow line is 
considered in the calculations) to the nodal point.

The six intersections correspond to the six possible solutions for each of 
the two upstream sensitivity variables and the three downstream sensitivity 
variables. When an upstream variable affects both, the upstream and the 
downstream calculations (like the oil API gravity, which affects the up-
stream calculation for some of the available IPR models, and also affects 
the multiphase flow calculations in the tubing and flowline) complex graphs 
are generated that look like Fig. 5.21. In the figure, two oil API gravities are 
given as the inflow sensitivity variable and three values of the tubing diam-
eter D as the outflow sensitivity variable. This generates 12 intersections ■■ FIGURE 5.20 Nodal analysis.
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of which only 6 are solutions (the intersections must correspond to curves 
having the same oil API gravity for consistency).

Outlet pressure as a function of the liquid flow rate. Some programs gener-
ate outlet pressure curves as function of the liquid flow rate, like the one 
shown in Fig. 5.22. These curves can then be exported to be used by other 
operations that, for example, determine the total liquid flow rate a group of 
wells belonging to the same gathering system can provide for a given opera-
tional condition at the flow station where the wells are directed to.

As explained in Fig. 5.16, the program generates the curve shown in 
Fig. 5.22 in the following way: (1) for liquid flow rates less than the AOF, 
the bottomhole flowing pressures Pwf are determined from the IPR curve; 
(2) then, by means of multiphase–flow correlations, the outlet pressure Pwh 
is calculated from the flowing bottomhole pressure for each liquid flow rate.

Liquid production and injection gas flow rate for a given surface gas injec-
tion pressure. For a given size of the downhole gas injection orifice and a 
given set of reservoir, outlet, and surface injection pressures, there is one 
and only one possible combination of liquid production and injection gas 
flow rates. It is explained in this section how, with the mentioned input 
variables (orifice size, as well as reservoir, outlet, and injection pressures), 
a computer program can determine this unique liquid production rate and 
its (equally unique) corresponding injection gas flow rate. This is a very 
important operation because it allows the user to explore the real possibility 
of producing the well on gas lift, giving the fact that it might be possible to 
meet the gas flow rate requirements but not the required injection pressure, 
or vice versa. The following data must be entered to run this operation: PVT 
fluid properties; IPR curve; vertical and horizontal correlation to be used; 
completion and flowline details including the point of injection depth; and 

■■ FIGURE 5.22 Outlet pressure versus 
liquid production.

■■ FIGURE 5.21 Nodal analysis with an inflow sensitivity variable that affects the 
outflow curves.
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exit pressure (wellhead pressure if the flowline is not considered or separa-
tion pressure if calculations include flowline losses).

The following additional gas lift data must also be entered: maximum in-
jection gas flow rate available; injection gas surface temperature and spe-
cific gravity (which are used to calculate the injection pressure at depth); 
injection orifice diameter and its discharge coefficient; and the minimum 
and maximum injection pressures to be explored. When the operation is 
executed, the program finds out how the well reacts to different surface 
injection pressures, from the minimum to the maximum value entered by 
the user. In this way, the liquid production from the well and the required 
injection gas flow rate are determined for each injection pressure being con-
sidered. The calculation procedure is explained in the following steps, see 
Figs. 5.23–5.25:

1. The outflow curves for n different injection gas flow rates (Qgin) 
intersect the IPR curve at points that define the liquid flow rates (QLn) 
and the bottomhole flowing pressures (Pwfn) for each of these injection 
gas flow rates. This is shown in Fig. 5.23a.

2. The liquid flow rate, QL, as a function of the injection gas flow rate, 
Qgi, is plotted for each intersection of the IPR curve as shown in 
Fig. 5.23b.

3. For each liquid flow rate at the intersection of the IPR curve 
(corresponding to a given injection gas flow rate) the tubing pressure 
profile is plotted. The production pressure specifically at the point of 
injection depth, Ppd, is in this way found as a function of the injection 
gas flow rate, see Fig. 5.24a.

■■ FIGURE 5.23 Nodal analysis having the injection gas flow rate, Qgi, as the sensitivity 
variable.
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4. The injection gas flow rate and its corresponding production pressure at 
the injection point depth are plotted as shown in Fig. 5.24b. Notice that 
when the injection gas flow rate is very low, the production pressure 
is high and, as the injection gas flow rate is increased, the production 
pressure decreases, reaching a minimum value which correspond to the 
point of maximum liquid production.

5. It is recommended that the reader review the explanation given for 
Fig. 8.1, on gas flow rate through orifices, to understand this step (the 
gas injection through orifices is also explained in Section 4.1). On 
the same graph obtained in the previous step, Fig. 5.24b, different 
curves corresponding to the gas flow rate that the installed orifice can 

■■ FIGURE 5.25 Equilibrium point for each gas injection pressure.

■■ FIGURE 5.24 Production pressure for each liquid flow rate found by nodal analysis.
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pass for different injection pressures (at depth) are superimposed, 
Fig. 5.25a. Notice that for each injection pressure (as shown in the 
figure) there is one and only one possible gas flow rate, which is 
determined by the intersection of the “orifice gas flow rate curve” and 
the curve previously obtained in step (4). These intersections are called 
“equilibrium points.” Gas injection pressures (used to generate gas 
flow rate curves) in zone “A” correspond to gas injection pressures that 
are less than the production pressure at valve’s depth and therefore the 
injection gas flow rate is not possible in this zone (there are no possible 
intersection points). In zone “B” the injection pressures generate curves 
of the gas flow rate through the orifice that do intersect the curve 
found in step (4) at their respective equilibrium points. As the injection 
pressure is increased, the injection gas flow rate also increases. On 
the other hand, for each injection pressure at the point of injection 
depth, there is one and only one surface injection pressure, which 
can be calculated from the different “gas factors” that are explained 
in Section 2.1. At low injection gas flow rates, one orifice gas flow 
rate curve can actually intersect the curve generated in step (4) at two 
different points. This double intersection constitutes the basis for the 
stability criterion explained in chapter: Design of Continuous Gas Lift 
Installations (not shown here to avoid confusion) and it happens in a 
zone “C” between zones “A” and “B”. The gas lift design is unstable 
for injection pressures in zone “C.”

6. The gas flow rates corresponding to the equilibrium points found in the 
previous step are plotted as a function of the surface injection pressure 
in the way that is shown in Fig. 5.25b.

For each injection pressure shown in Fig. 5.25a (in stable zone “B”), there is 
one injection gas flow rate and, therefore, one liquid flow rate as determined 
in Fig. 5.23b. The liquid flow rate can then be plotted as a function of the 
injection pressure as shown in Fig. 5.26a “if the well can produce on natural 
flow,” or as shown in Fig. 5.26b “if the well needs a minimum injection gas 
flow rate in order for it to produce liquids.”

As can be seen, this operation gives a good idea of what the well can pro-
duce for each value of the injection gas flow rate and, at the same time, it 
gives the required gas injection pressure to be able to inject gas at that par-
ticular flow rate. The nodal analysis operation by itself cannot indicate the 
required injection pressure for a given liquid production. It is possible that 
the required injection pressure is greater than the maximum available pres-
sure or greater than the opening pressure of the upper unloading valve and 
it will simply be impossible to produce the liquid flow rate obtained from 
nodal analyses alone.
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To determine the adequate orifice size for the operational conditions of the 
well, the analysis just described should be performed for different orifice 
diameters. Fig. 5.27 shows three curves corresponding to three different 
orifice diameters. If the orifice diameter D is too small, the required gas 
injection pressure could be too large. But, on the other hand, if the orifice 
diameter is too large, it is possible that the injection pressure at depth might 
be too close to the production pressure, promoting instability problems (see 
the explanation given in Fig. 8.4, to learn more about this type of instability 
problem). It is usually recommended that the injection pressure minus the 
production pressure across the gas lift valve be at least greater than or equal 
to 10–20% of the injection pressure, although this is not a rule that guaran-
tees well stability in all situations. Notice that the maximum liquid produc-
tion is the same for all diameters and only the injection pressure changes to 
achieve a given gas or liquid flow rate.

It should be said that these calculation steps predict the operation of the well 
within an acceptable level of accuracy only if there is an orifice installed 
at the point of injection. If a spring-loaded or nitrogen-charged valve is in-
stalled, the dynamic behavior of this valve could give totally inaccurate re-
sults unless the valve is fully open. The dynamic behavior of gas lift valves 
is explained in chapter: Gas Flow Through Gas Lift Valves.

Calculation of the point of injection depth. Another important operation that 
can be easily performed by commercially available computer programs is 
the determination of the point of injection depth. The following data should 
be entered to perform this operation: PVT properties, reservoir pressure 
(PR), IPR curve, multiphase flow correlations to be used, completion de-
tails (production tubing and flowline), and outlet pressure. The flowline is 

■■ FIGURE 5.26 Liquid production as a function of the gas injection pressure. (a) the well 
can produce on natural flow, (b) the well cannot produce on natural flow.

■■ FIGURE 5.27 Sensitivity analysis for 
different orifice diameters, D.



1775.1  Determination of the depth of the operating point of injection

optional but if it is introduced, the outlet pressure is the pressure at the 
separator, Psep. If the flowline is not considered, the outlet pressure is the 
wellhead production pressure, Pwh. Regarding the gas lift variables, the 
computer program requires the following data: injection gas flow rate, sur-
face injection temperature and pressure, specific gravity of the injection gas, 
the minimum pressure drop across the gas lift valve, and the maximum pos-
sible injection point depth. Notice that for this operation the orifice diameter 
(or valve seat size) is not entered because it does not play any role in the 
calculations. This is due to the fact that this operation constitutes the basis 
for the mandrel spacing and valve design operations and only the minimum 
allowable pressure drop across the gas lift valve at the point of injection is 
needed at this stage. This minimum pressure drop is usually equal to 100 
or 150 psi (or 10–20% of the gas injection pressure at the maximum depth 
where a gas lift valve can be installed).

Two possible calculation procedures to find the point of injection depth and 
the well’s liquid production are explained next. In both procedures, the in-
jection gas flow rate is “constant” and should be provided by the user; there-
fore, the maximum liquid production is found by repeating the procedures 
with different injection gas flow rates.

First calculation procedure. The first step is to select several liquid flow 
rates that are less than the maximum possible liquid production the reservoir 
can provide, defined as AOF. For each liquid flow rate being considered, the 
program calculates the bottomhole flowing pressure starting from the outlet 
or exit pressure (which is the wellhead or separation pressure, depending on 
the choice of the designer). As the program calculates the production pres-
sure from the wellhead to the bottom of the well, it checks if the production 
pressure is equal to the injection pressure at depth minus the minimum pres-
sure drop across the gas lift valve. If this is the case (before reaching the bot-
tom of the well) the program continues performing the production pressure 
calculation but with the formation gas/liquid ratio and not with the total gas/
liquid ratio, as shown in Fig. 5.28a. Of all liquid flow rates lower than AOF, 
only one should coincide with the liquid flow rate the reservoir can produce 
(unless there is no solution possible because the injection gas flow rate is 
not large enough for the outflow curve to intersect the inflow curve). This 
unique liquid flow rate is easily found if the calculated bottomhole pres-
sures are plotted together with the IPR curve, as shown in Fig. 5.28b (keep 
in mind that each point of the outflow curve in this case might correspond 
to a different point of injection). The intersection of the outflow curve with 
the IPR curve gives the only possible liquid flow rate and the injection point 
depth for the injection gas flow rate considered. This procedure is illustrated 
in Fig. 5.28.
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The operation just described can be repeated for different injection gas flow 
rates. For each gas flow rate there will be a solution that can be plotted in 
a graph identical to Fig. 5.11, from which the injection gas flow rate that 
maximizes production or profitability can be selected.

Second calculation procedure. Another way of finding the liquid flow rate 
and the depth of the point of injection using a computer program is by ap-
plying the “constant-injection-gas-flow-rate equilibrium curves.” The pro-
gram determines a set of possible injection point depths (from the wellhead 
to the maximum allowed depth) by simply dividing the length of the pro-
duction tubing into an arbitrary number of equal-length sections. For each 
point of injection, the program calculates the flowing bottomhole pressures 
for different liquid flow rates (from very small values to AOF), keeping the 
injection gas flow rate constant, see Fig. 5.29 (in which, for simplicity, only 
three points of injection and three liquid flow rates have been plotted). On 
the IPR diagram, all the points corresponding to the bottomhole flowing 
pressures for a given injection point depth form an outflow curve that inter-
sects the IPR curve at only one point, which determines the only liquid flow 
rate possible for that injection point depth, see Fig. 5.30.

For each possible liquid flow rate corresponding to the solution at each point 
of injection depth, the respective production pressure at the point of injec-
tion can be plotted on a pressure-depth diagram. All the production pressure 
solutions (unique to each injection point depth) form the curve presented in 

■■ FIGURE 5.28 Calculation of the injection point depth (the injection gas flow rate is kept 
constant).
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Fig. 5.31, which is known as the “constant-injection-gas-flow-rate equilib-
rium curve.” The point where this equilibrium curve intersects the gas in-
jection pressure minus the minimum pressure drop across the gas lift valve 
determines the depth of the point of injection for the given available surface 
injection pressure and the injection gas flow rate being considered.

The equilibrium curve presented in Fig. 5.31 is different from the one in 
Fig. 5.7 because the latter is built from different injection gas flow rates 
that correspond to the maximum liquid production the well can produce for 
each injection point depth. On the other hand, the constant-gas-injection 
equilibrium curves (as the one in Fig. 5.31) simply give the liquid production 

■■ FIGURE 5.29 Bottomhole flowing pressures for point of injection depths 1, 2, and 3.

■■ FIGURE 5.30 Liquid flow rate calculation for each injection point depth.

■■ FIGURE 5.31 Equilibrium curve for a 
given injection gas flow rate.
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the well can produce for each point of injection depth and the fixed value of 
the injection gas flow rate considered in the calculations.

Several constant-gas-flow-rate equilibrium curves can be generated for dif-
ferent injection gas flow rates. As the gas flow rate is increased, these equi-
librium curves are displaced downward, until reaching a point in which they 
start to move upwards, indicating that gas is being over injected. The way 
they appear on a pressure-depth diagram depends on the production charac-
teristics of the well; see Fig. 5.32 (in which the behavior of the equilibrium 
curves has been exaggerated to show how these curves are influenced by the 
injection gas flow rate Qgi). The actual constant-gas-flow-rate equilibrium 
curve looks as shown in Fig. 5.51a (for a well that can produce on natural 
flow) and in Fig. 5.56 (for a well that cannot produce on natural flow).

All calculations explained previously to find the point of injection can be 
repeated for each of the different injection gas flow rates that are selected 
to be studied. The points of injection are simply the intersections of the in-
jection pressure at depth (minus the minimum pressure drop across the gas 
lift valve) with the different equilibrium curves. In this way, a graph of the 
liquid flow rate QL versus the injection gas flow rate Qgi can be generated 
to find the gas flow rate that maximizes the liquid production, which will 
simultaneously give the corresponding point of injection depth. The results 
from these calculations are usually given in graphs such as the one shown 
in Fig. 5.33 for a given injection pressure. In the particular case presented in 
the figure, the well that can produce on natural flow (the liquid production 
does not go down to zero when the gas flow rate is reduced to zero).

As can be seen in Fig. 5.33, this operation is very important because it 
determines the injection point depth and the injection gas flow rate required 

■■ FIGURE 5.32 Behavior of “constant-
injection-gas-flow-rate equilibrium 
curves” for different injection gas flow 
rates, Qgi.

■■ FIGURE 5.33 Injection gas flow rates for which the liquid production is maximized.
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to maximize the liquid production. This operation can be repeated for sev-
eral surface injection pressures, which will give the basic information to 
start the mandrel spacing and valve design procedures explained in chapter: 
Design of Continuous Gas Lift Installations. Fig. 5.34a shows how these 
curves will look like for two different injection pressures Pinj1 and Pinj2. In 
Fig. 5.34b the equilibrium curves are presented together with two injection 
pressures which determine depths D1 and D2 that give the maximum liquid 
production for each injection pressure.

Bracketing. It frequently happens that the information needed to determine 
the point of injection depth is either not too accurate or part of it is just miss-
ing. This uncertainty makes the designer look for different point of injection 
depths if some of the not well known variables are allowed to change within 
a range of possible values. One function that helps the designer determine 
the level of uncertainty regarding the depth of the point of injection is called 
“bracketing.” This operation consists in finding the maximum and minimum 
point of injection depth if the value of one (or several) of the following 
variables is changed: (1) liquid flow rate the well can produce, (2) injec-
tion gas flow rate, and (3) water cut of the produced fluids. The computer 
program performs the calculation in a practical way, without taking into 
consideration the IPR curve of the well because it is the user who indicates 
the liquid production, based on nearby wells producing from the same res-
ervoir or from the production history of the well itself. Pressure calculations 
are performed from the outlet pressure (wellhead or separation pressure) to 
the point where the production pressure is equal to the injection pressure at 
depth minus the minimum pressure drop across the gas lift valve.

■■ FIGURE 5.34 Effect of the injection pressure on the liquid production, the required injection gas 
flow rate and the point of injection depth.
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The input data needed to perform this operation are: “PVT” properties; mul-
tiphase flow correlations to be used; outlet pressure (wellhead or separation 
pressure); wellhead pressure and temperature, and specific gravity of the 
injection gas; the minimum pressure drop across the gas lift valve; and the 
maximum allowable depth of the point of injection. Additionally, the user 
must introduce two sets of different values of the liquid flow rate (QL), the 
water cut (W), and the injection gas flow rate (Qgi). These variables are used 
by the computer program to calculate the pressure profile along the produc-
tion tubing. These are the variables that, for a given tubing diameter, have 
the greatest impact on the production pressure profile along the tubing and, 
therefore, the depth of the point of injection. With the input data, the pro-
gram calculates the pressure profile along the flowline and the production 
tubing for each of the two sets of variables mentioned previously. As the 
computer program calculates the pressure down the tubing, it checks if the 
production pressure becomes equal to the injection pressure at depth minus 
the minimum pressure drop across the gas lift valve. The injection point 
depth is established when the production pressure for each set is equal to the 
injection pressure at depth minus the minimum pressure drop across the gas 
lift valve, see Fig. 5.35.

Some designers place several gas lift mandrels between the two depths 
found in this operation. This number of mandrels is equal to the integer part 
of the ratio of the measured length interval bounded by these two depths 
over the minimum mandrel spacing between two consecutive mandrels al-
lowed by the operating company. The minimum mandrel spacing depends 
on the productivity index of the well, as explained in chapter: Design of 
Continuous Gas Lift Installations. This allows for the precise location of 
the optimum point of injection once the first attempt is in operation and the 
production capability of the well is understood.

5.2 EXAMPLES OF THE EFFECT THAT DIFFERENT 
GAS LIFT SYSTEM’S COMPONENTS OR FLUID 
PROPERTIES MIGHT HAVE ON THE LIQUID 
PRODUCTION OF A WELL ON GAS LIFT
The total system analysis is an important design tool for current and future 
operational conditions of a well producing on gas lift. The following results 
were obtained from total system analyses to illustrate the effect of the dif-
ferent system’s components and fluid properties on the liquid production of 
a well producing on gas lift. The input data are as follows:

j Fluid properties: 22 degrees API oil; water cut = 50%; formation water 
specific gravity = 1.02; formation gas specific gravity = 0.7; gas/oil 

■■ FIGURE 5.35 Uncertainty in the 
determination of the depth of the point 
of injection.
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ratio = 400 scf/STBO; injection gas specific gravity = 0.65; and bubble 
point pressure = 2937.74 psi.

j Completion data: tubing diameter = 2.992 in. ID down to 4000 ft. 
(vertical well); casing diameter = 6.366 in. ID; top of perforations 
depth = 4500 ft.; injection point depth = 3500 ft.

j Flowline: from wellhead = 2000 ft. of 4 in. ID pipe and 1500 ft. of 5 in. 
I.D. pipe.

j Reservoir: static pressure = 1500 psig; temperature = 150°F; and 
PI = 1 Br/(psi-D).

j Surface conditions: separator pressure = 80 psig; separator 
temperature = 100°F; wellhead temperature = 110°F.

Use Vogel to find the IPR curve, Dons and Ross correlation for vertical mul-
tiphase flow calculations, and Dukler–Flanigan correlation for horizontal 
multiphase flow calculations.

Fig. 5.36a shows the effect of the water cut on the production of the 
well. As the water cut increases, the bottomhole flowing pressure also 
increases and the liquid flow rate coming from the reservoir decreases. 
It might not be possible to perform this type of analysis for water cuts 
between 40 and 70% because of emulsion formation. With emulsions, it 
is very difficult to calculate the viscosity of the fluids. The viscosity of 
an emulsion could be considerably larger than the viscosity of the water 

■■ FIGURE 5.36 (a) Effect of the water cut (W); (b) effect of the oil API gravity.
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or the oil, separately. The viscosity affects the pressure drop along the 
flowline and the production tubing.

Fig. 5.36b indicates that as the API gravity of the oil increases, the liquid 
production also increases. This is due to the fact that oils with greater API 
gravities offer less friction resistance in the flowline and in the production 
tubing. Additionally, the higher the API gravity is, the lighter the oil be-
comes, so that the hydrostatic pressure in the production tubing is reduced.

Fig. 5.37a shows that an increase in the gas/oil ratio might cause an increase 
in the liquid production. One important reason for this to happen is that the 
gas reduces the hydrostatic pressure of the fluids from the perforations, at 
4500 ft. of depth, to the point of injection, at 3500 ft. Fig. 5.37b shows that 
as the reservoir pressure decreases, so does the liquid production for a given 
injection gas flow rate.

Fig. 5.38a shows a drastic increase in the liquid production when the pro-
ductivity index goes from 0.5–1.5 STB/(psi-D). The increase in the maxi-
mum liquid flow rate used in the Vogel equation from 500–1200 STB/D, 
causes an increase in liquid production of the well that is very similar to the 
one shown for the increase in the productivity index, see Fig. 5.38b.

Fig. 5.39a shows that an increase in the separation pressure causes a de-
crease in the liquid production. Trying to lower the separation pressure is a 
good recommendation when the reservoir pressure has declined; however, 

■■ FIGURE 5.37 (a) Effect of the gas/oil ratio (scf/STB); (b) effect of the reservoir pressure (psi).
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the gas velocity at the separator increases as the pressure is reduced and the 
ability of the separator to handle this new velocity should be checked. Ad-
ditionally, the suction pressure of the compressor is usually a fixed value and 
it is possible that some type of modification to the compression equipment 
might need to be introduced (like the installation of a booster compressor 

■■ FIGURE 5.38 (a) Effect of the productivity index STB/(psi-D); (b) effect of Qmax Vogel (STB/D).

■■ FIGURE 5.39 (a) Effect of the separation pressure (or production manifold pressure) (psi); (b) effect of the injection point depth (ft.).
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to bring back up the pressure to the main compression suction pressure). 
The effect of the point of injection depth is shown in Fig. 5.39b. The deeper 
the point of injection is located, the lower the bottomhole flowing pressure 
would be because a greater length of the production tubing is occupied by 
the injection gas so that the total hydrostatic pressure component is reduced 
more effectively. In very deep wells, it might be possible that the maximum 
injection point depth is not as deep as it should be due to an insufficiently 
high injection pressure or the gas lift equipment might not withstand the 
operational conditions.

Fig. 5.40a shows the effect of two different production tubing diameters. It 
can be observed that at low injection gas flow rates the largest liquid produc-
tion is obtained with the 1.995-in. diameter tubing while at higher injection 
gas flow rates the 2.992-in. diameter tubing has the largest liquid produc-
tion. But the increase in the liquid production at high injection gas flow rate 
is only around 10% and further analysis should be performed to select the 
2.992-in. diameter tubing (which is more expensive) taking into account 
how the well will perform under changes in future operation conditions, like 
a reduction of the reservoir pressure or an increase of the water cut, among 
other variables. In Fig. 5.40b the impact of the flowline diameter can be ap-
preciated. A very small flowline diameter causes an increase in the wellhead 
production pressure due to the greater frictional pressure drops along the 
flowline. This increase in the wellhead pressure has a large influence on the 
liquid production of the well as shown in Fig. 5.39a.

■■ FIGURE 5.40 (a) Effect of the tubing inside diameter (in.); (b) effect of the flowline inside diameter (in.).



1875.3  Calculation examples

5.3 CALCULATION EXAMPLES
5.3.1 Example of preliminary calculations needed 
to implement the gas lift method to boost the liquid 
production of a well that can produce on natural flow
A well capable of producing on natural flow will have a decline in oil pro-
duction as the water cut increases in time. It is desired to maintain the oil 
production according to the production plan, shown in Table 5.1, obtained 
from strategic reservoir simulations.

If possible, the injection gas/oil ratio should be maintained at, or below, 
500 scf/STBO. It is necessary to determine the injection gas flow rates and 
the point of injection depths that will be necessary to meet the planned oil 
production rates and confirm if the restriction imposed on the injection gas/
oil ratio can be met in all cases. The available pressure at the injection mani-
fold is equal to 1800 psig. The specific gravity of the injection gas is 0.8 and 
its temperature at the wellhead is equal to 80°F.

The well’s deviation survey is given in Table 5.2. The point of injection 
is not to exceed 7000 ft. of true vertical depth (TVD) to avoid complica-
tions related to the installations of gas lift valves at large tubing inclina-
tion angles. The table shows the measured depths (MD) with respect to the 
wellhead, along with the corresponding true vertical depths and inclination 
angles.

Table 5.1 Production Plan for the Next 5 Years

Year Water Cut (%) Oil Production (STBO/D)

1 30 7000
3 40 6000
5 50 5000

Table 5.2 Well’s Deviation Survey

MD TVD Angle MD TVD Angle MD TVD Angle

0 0 0.00 5661.9 5117.8 39.38497 10262 7444.1 80.29938
1161.9 1161.7 5.315298 6161.9 5490.1 47.42926 10362 7461 82.0563
1461.9 1459.2 12.09542 6561.9 5747.7 55.03332 10562 7485.6 85.61259
1561.9 1557 15.58136 8961.9 6998.5 63.08938 10798 7498.6 89.07453
2161.9 2131.1 20.85248 9161.9 7089 65.67575 10862 7499.7 89.78779
2461.9 2407.3 26.7091 9715 7304.4 71.89844 10924 7499.9
2561.9 2496.6 29.01414 9813.4 7334.9 73.75015
5361.9 4876 35.10495 9961.9 7375.8 75.10787
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j Fluid data: current water cut =  10% (but it will increase very 
rapidly); gas/ail ratio =  400 scf/STBO (equal to the solution gas oil 
ratio at bubble point of 2010 psia and 200°F; formation gas specific 
gravity = 0.8; water specific gravity = 1.05; API gravity = 33; 
dead oil viscosity at 200 and 60°F = 1.6 and 10.5cP, respectively; 
live oil viscosity = 1.2 cP at 200°F and 2010 psia; formation 
volume factor of 1.23 at 1510 psi and 200°F; formation volume 
factor of 1.25 at 3305 psia and 200°F; gas viscosity = 0.012 cP at 
613 psia and 60°F; gas compressibility factor = 0.68 at 1610 psia 
and 60°F.

j Reservoir data: static pressure = 3850  psi (the reservoir pressure will 
be maintained at this value throughout the life of the project); reservoir 
temperature = 200°F; productivity index = 9 STBO/D/psi.

 Assume that the productivity index will not be affected in a significant 
way by changes in the water cut in this reservoir. Because the reservoir 
pressure is much higher than the bubble point pressure, it is possible 
that the IPR curve will be a straight line in most cases. Use Vogel 
equation if the bottomhole flowing pressure drops below the bubble 
point pressure.

j Geothermal temperature = 110°F at the surface and 210°F at 10,924 ft. 
MD; overall heat transfer coefficient = 3 Btu/hr per ft2 per °F.

j Production tubing I.D.: 3.958 in. from the wellhead to 9,701 ft. MD; 
Linner I.D.: 5.921 in. from 9,701–10,924 ft. MD.

The wellhead pressure will be kept constant at 350 psig. A pressure sur-
vey with the well producing 9800 STB/D against a wellhead pressure of 
350 psig was run and the results are given in Table 5.3.

Answer. After building the well model using the software available for 
this purpose, the first task to do is to calibrate the PVT data. This is easily 
done in most commercially available software by just inputting the mea-
sured gas and liquid properties at their respective measured pressures and 
temperatures in the entry fields used by the software to calibrate the selected 

Table 5.3 Results from Flowing Pressure Survey

Stop Measured Depth (ft.) Pressure (psig)

1 0 350
2 1606.5 697
3 2453.0 907
4 4340.0 1393
5 6324.0 1948
6 7798.0 2245
7 9431.0 2553
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PVT correlations. Fig. 5.41 shows the solution gas/oil ratio predicted by the 
Lasater correlation with and without calibration. The original correlation 
(without calibration) predicts a lower value of the bubble point pressure; 
therefore, at any other pressure below the actual bubble point pressure, the 
actual solution gas/oil ratio is lower than its predicted value. The impact of 

■■ FIGURE 5.41 Calibration of the solution gas/oil ratio.

■■ FIGURE 5.42 Calibration of the oil formation volume factor.
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the actual solution gas/oil ratio on the calculation of the hydrostatic pres-
sure drop along the production tubing can, in most gas lift wells, be very 
significant; but this is not the case for this particular well because: (1) the 
gas/oil ratio is not very large, and (2) the reservoir pressure is much higher 
than the bubble point pressure (the first bubbles will appear at relatively 
shallow depths).

The calibration of the oil formation volume factor (Bo) is presented in 
Fig. 5.42, where four curves of the oil formation volume factor as func-
tions of the absolute pressure (for a constant temperature of 200°F) are 
shown: (1) Bo before the calibration of the bubble point pressure (Pb), 
(2) Bo after the calibration of Pb, (3) Bo after the calibration of both, 
Pb and Bo (but Bo is calibrated using only the calibration measurement 
made below Pb), and (4) Bo after Pb and Bo (above and below the bubble 
point pressure) have been calibrated. The formation volume factor plays 
an important role in the calculation of the in situ velocity of the liquid 
phase. This velocity, in turn, affects the calculation of the frictional pres-
sure drop along the production tubing. Before calibrating the correla-
tions for Pb and Bo, the value of Bo was 1.2206 at 1510 psia and 200°F, 
and 1.2421 at 3305 psia and 200°F. After calibrating the correlations 
for Pb and Bo, the value of Bo became 1.23 at 1510 psia and 200°F, and  

■■ FIGURE 5.43 Oil viscosity as a function of pressure (before calibration).
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1.25 at 3305 psia and 200°F. The correlations used to calculate Bo above 
and below the bubble point pressure were Vasquez–Beggs and Standing, 
respectively.

The other PVT property that plays an important role in the frictional pres-
sure drop is the viscosity of the oil. Fig. 5.43 shows the oil viscosity before 
calibration. The Beggs–Robinson correlation predicts a dead-oil viscosity 

■■ FIGURE 5.44 Before and after live-oil calibration (dead-oil viscosity already calibrated).

■■ FIGURE 5.45 Gas viscosity calibration, Lee et al.
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of 2.07 cP at 200°F and 44.25 cP at 60°F. The measured viscosities were 
significantly lower (1.6 cP at 200°F and 10.5 cP at 60°F). The live-oil vis-
cosity was measured at 1.2 cP for 2010 psia and 200°F. Before calibrating 
the live-oil viscosity, the Chew and Connally correlation predicted a viscos-
ity of 0.7985 cP at 2010 psia and 200°F (after the dead-oil viscosity was 
calibrated). Fig. 5.44 shows the impact of introducing this live-oil calibra-
tion point, as well as the dead-oil calibration points, on the viscosities of the 
oil at 60 and 200°F.

Gas viscosity plays a minor role in the calculation of the pressure along 
the production tubing string and it is usually not measured. Fig. 5.45 
shows the viscosities before and after calibration for temperatures of 60 
and 200°F. Before calibration, the correlation developed by Lee et al. 
predicted a gas viscosity of 0.011 cP at 613 psia and 60°F and 0.0132 cP 
at 613 psia and 200°F. The measured viscosity was equal to 0.012 at 
613 psia and 60°F. Introducing this calibration point gives the results 
shown in Fig. 5.45.

A nodal analysis (performed before calibrating the PVT properties) gave, 
for a wellhead pressure of 350 psig, a liquid flow rate of 10,762.52 STB/D 
and a bottomhole flowing pressure of 2,654 psia. Bubbles began to appear 
at a depth of 5490 ft. TVD and the calculated wellhead temperature was 
191°F. After PVT calibration, the calculated liquid flow rate was equal to 
11,139.62 STB/D, which represents an increment in production of only 
3.5%. The bottomhole flowing pressure was 2612.26 psia and gas began 
to appear at 5969 ft. TVD. This relatively low impact on the production 
of the well is due to the low production gas/oil ratio and the large value of 
the bottomhole flowing pressure in comparison to the bubble point pres-
sure (both factors make bubbles appear at shallower depths), but this is not 
always the case and PVT calibration should always be done before any seri-
ous gas lift analysis is attempted. The low impact of the PVT calibration is 
appreciated in Fig. 5.46. The multiphase flow correlations used were the 
Hagedorn–Brown correlation for vertical flow and the Beggs–Brill correla-
tion for horizontal flow.

Once the PVT properties have been calibrated, the data from the flowing 
pressure survey (Table 5.3) can be used to select the multiphase flow 
correlation that gives pressures closer to the ones measured during the 
survey. Additionally, most of the commercially available software are 
able to provide the means to tune the selected correlation to match the 
measured data. Optimization routines calculate the optimal values of pa-
rameters that are used to match the measured temperature and pressure 
data more accurately. These parameters are multipliers that can be used 



1935.3  Calculation examples

■■ FIGURE 5.46 Impact of PVT calibration on the performance of the well.
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to adjust the friction and holdup pressure gradient for the multiphase flow 
correlation and to adjust the overall heat transfer coefficient used in the 
model. In this case, the best correlation was found to be the Duns and 
Ros correlation and the software that was used to select this correlation 
tuned it with a friction factor multiplier equal to 0.95 and a holdup factor 
multiplier of 1.19 (factors below 0.8 or above 1.2 are indications of either 
inaccurate flowing gradient and/or well test data, or the PVT calibration 
has not been done correctly). A new nodal analysis was performed using 
the tuned Duns–Ros correlation for the vertical multiphase flow calcula-
tions. The calculated liquid flow rate was 10,181 STBL/D with a flowing 
bottomhole pressure of 2,718.76 psia. Gas bubbles began to appear at a 
depth of 5625 ft. TVD. Fig. 5.47 shows the output of the nodal analysis 
with two outflow curves: (1) outflow curve with only the PVT properties 
calibrated, and (2) outflow curve with both, the PVT and multiphase flow 
correlations, already calibrated.

After the PVT and multiphase flow correlations have been calibrated, it 
is time to adjust the IPR curve. Either the static reservoir pressure or the 
productivity index can be adjusted to match the measured liquid flow rate 
and the bottomhole flowing pressure during the survey. In this particu-
lar example, the reservoir pressure is more accurate than the estimated 
productivity index, which is supposed to have a value between 8 and 
10 (STB/D)/psi. The productivity index is then the parameter that needs 
to be adjusted. The adjusted value of the productivity index can be ob-
tained manually by performing the nodal analysis operation for several 
values of the productivity index until the calculated liquid flow rate is 
equal to the liquid flow rate measured during the survey (the outlet pres-
sure in the model should be equal to the one measured during the survey). 
The productivity index for which the calculated liquid flow rate matches 
the one measured during the well test corresponds to the “tuned” pro-
ductivity index. Most of the commercially available software are able to 
perform this operation automatically.

Following the procedure described in the previous paragraph, the productiv-
ity index was found to be equal to 8.47 (STB/D)/psi, which is slightly low-
er than the first estimate given by reservoir simulations of 9 (STB/D)/psi. 
Fig. 5.48 shows the results of the nodal analysis performed with the old and 
new value of the productivity index. The liquid production and bottomhole 
flowing pressure went from 10,181 STB/D and 2,718 psia to 9,805 STB/D 
and 2,692 psia, respectively.

Once the well model is calibrated, the next thing to do is to study the impact 
of the water cut increase on the production of the well without gas injection. 
This can be done using two of the operations described in Section 5.1.3: 
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■■ FIGURE 5.47 Impact of the calibration of the multiphase flow correlation on the performance of 
the well.
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nodal analysis and system analysis. Fig. 5.49 shows the results from these 
operations.

It can be seen in Fig. 5.49 that the planned oil production cannot be met 
if gas lift, or any other artificial lift method, is not implemented to boost 
the liquid production. The estimation of the injection gas flow rates and the 
point of injection depths that will be required to meet the production plan 
are carried out with the help of the calculation procedure that was presented 
in Section 5.1.3 with the results shown in Fig. 5.33. Some of the commer-
cially available software for gas lift design can automatically calculate the 
results shown in Figs. 5.33 and 5.34 for as many injection gas flow rates and 
injection pressures as desired by the user. However, if such operation is not 
available, the designer would have to individually find the depths of the point 
of injection and liquid flow rates using the “constant-injection-gas-flow-rate-
equilibrium-curve procedure” for several injection gas flow rates (as shown 
in Fig. 5.31). In any case, the liquid production and point of injection depth 
must be calculated for a range of injection gas flow rates and probable sur-
face operating injection pressures. The injection gas flow rate is usually an 
unknown parameter and the user has to iterate with several values until the 
desired liquid flow rate is achieved. A range of injection gas flow rates from 
0 to 10 MMscf/D was used for this particular case. The operating injection 
pressure (which is the wellhead injection pressure the well will have under 
normal operation), on the other hand, is roughly estimated from the available 

■■ FIGURE 5.48 Impact of the calibration of the productivity index (PI) on the 
performance of the well.
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pressure at the injection manifold and the number of unloading valves that 
is required for similar wells in the field. In this case, the manifold pressure is 
equal to 1800 psig and the number of unloading valves might be equal to 3 or 
4 valves, for which the sequential pressure drop per valve (explained in chap-
ter: Design of Continuous Gas Lift Installations for several mandrel spacing 

■■ FIGURE 5.49 Impact of the water cut on the performance of the well.
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techniques) may have a value that could go from 30 to 80 psi if it is desired 
to use injection-pressure-operated gas lift valves. The usual nodal-analysis 
approach (for several injection gas flow rates) assuming that the point of 
injection is located at the maximum available depth (usually 60 ft. above the 
production packer) is not advisable in this case because the injection pressure 
might not be high enough to reach this depth for all cases.

Calculations were carried out considering a constant wellhead production 
pressure of 350 psig and a pressure drop across the orifice valve (at the 
point of injection) equal to 250 psi, which is larger than the usual 100 psi 
that is normally considered for lower injection pressures (this is because 
the pressure drop across the orifice valve should not be smaller than 10% 
of the injection pressure at valve’s depth to avoid instability problems). In 
this case, the injection pressure at 7000 ft. TVD, with a surface injection 
pressure of 1700 psig, will be equal to 2200 psig; thus, a 250 psi pressure 
drop across the orifice valve at the point of injection is a reasonable value to 
use. Fig. 5.50 shows the results for water cuts of the production liquids of 
30, 40, and 50%, and surface injection pressures of 1400, 1500, 1600, and 
1700 psig. The exact value of the final surface operating injection pressure 
will be determined from the gas lift design calculations. At this stage, only 
the possible depths of the points of injection and the required gas flow rates 
to meet the production plan are calculated.

Fig. 5.50 clearly shows that the effect of the injection pressure on the point 
of injection true vertical depth is very strong but, on the other hand, the 
point of injection depth has a rather small influence on the oil production. 
The explanation for this behavior is easily understood by analyzing the ge-
ometry of the constant-injection-gas-flow-rate equilibrium curves. For this 
example, these curves are almost vertical and closely packed, see Fig. 5.51a. 
As the gas flow rate Qgi is increased, they become more closely spaced. This 
is the reason why, for a given injection pressure, the effect of the gas flow 
rate on the liquid production and the point of injection depth diminishes as 
the gas flow rate is increased, as shown in Fig. 5.51b. The geometry of the 
constant-injection-gas-flow-rate equilibrium curves also explains the reason 
why the injection pressure has a strong effect on the point of injection depth, 
but not on the liquid production. As can be appreciated in Fig. 5.52, for a 
given gas flow rate, as the injection pressure increases, the point of injection 
reaches greater depths but the downhole flowing pressure changes very little 
and, in consequence, the increase in the liquid flow rate is very small.

The opportunity in this example is then to use the available injection pres-
sure to increase the sequential pressure drop per valve during the mandrel 
spacing calculations explained in chapter: Design of Continuous Gas Lift 
Installations (to come up with very stable gas lift designs that are at the same 
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■■ FIGURE 5.50 Oil flow rates and point of injection depths for several wellhead injection 
pressures and water cut values.
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■■ FIGURE 5.51 (a) Equilibrium curves for different injection gas flow rates. (b) Pressure traverse curves for different 
injection gas flow rates and constant surface injection pressure Pinj.

■■ FIGURE 5.52 Pressure traverse curves for two different surface injection pressures Pinj 
and the same injection gas flow rate.
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time very easy to trouble shoot with shallower and fewer gas lift mandrels) 
instead of using the available injection pressure to reach deeper points of 
injection (which will not provide a significant increase in the liquid produc-
tion). Shallower points of injection do have the disadvantage of increasing 
the required injection gas/liquid ratio to obtain a given liquid flow rate, so 
a compromise must be established between more stable and easy to trouble 
shoot designs on one hand, and lower injection gas/liquid ratios on the other.

Table 5.4 shows the required injection gas flow rates (Qgi), the depths of the 
points of injection and the injection gas/oil ratios (Rgo) to meet the planned 
oil production (Qo) for each value of the water cut under this study. The 
planned oil production can be met for water cuts of up to 30% with an ap-
propriate gas/oil ratio for all surface injection pressures considered in this 
study. For 40% water cut, the production plan can be met at injection gas/
oil ratios less than 500 scf/STBO only if the operating injection pressure 

Table 5.4 Injection Gas Flow Rates and Depths of Points of Injection 
for the Targeted Oil Production at Each Water-Cut Value

30% Water Cut

Injection 
Pressure 
(psig)

Injection  
Qgi 
(MMscf/D)

QL  
(STBLD)

Qo  
(STBOD)

Depth 
(TVD ft.)

Injection 
Rgo  
(scf/STBO)

1,400 2.6 10,025.06 7,017.541 4,018.93 370.50
1,500 2.2 10,011.86 7,008.301 4,411.77 313.91
1,600 2 10,030.48 7,021.339 4,817.39 284.84
1,700 1.8 10,017.62 7,012.335 5,218.02 256.69

40% Water Cut

Injection 
Pressure 
(psig)

Injection  
Qgi 
(MMscf/D)

QL  
(STBLD)

Qo  
(STBOD)

Depth 
(TVD ft.)

Injection 
Rgo 
(scf/STBO)

1,400 4.2 10,002.01 6,001.203 4,137.96 699.85
1,500 3.4 10,014.71 6,008.825 4,522.52 565.83
1,600 2.9 10,000.12 6,000.072 4,900.83 483.32
1,700 2.6 10,000.31 6,000.186 5,294.25 433.31

50% Water Cut

Injection 
Pressure 
(psig)

Injection  
Qgi 
(MMscf/D)

QL  
(STBLD)

Qo 
(STBOD)

Depth 
(TVD ft.)

Injection 
Rgo 
(scf/STBO)

1,400 — — — — —
1,500 5.00 10,004.79 5,002.393 4,626.40 999.52
1,600 4.1 10,017.32 5,008.66 5,006.09 818.58
1,700 3.60 10,015.22 5,007.609 5,380.58 718.90
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is between 1500 and 1600 psig, which is something that might not be pos-
sible to accomplished if the required number of unloading gas lift valves to 
reach a point of injection depth of approximately 4900 ft. is such that the 
available manifold injection pressure minus all the sequential pressure drop 
per valve is less than this range of injection pressure. For 50% water cut, it 
will not be possible to produce 5000 STBO/D with a gas/oil ratio less than 
or equal to 500 scf/STBO for the range of injection pressures being consid-
ered (lower injection gas/oil ratios could be obtained for higher gas injec-
tion pressures, but the increase in gas compression and transportation costs 
might reduce the economic limit of the injection gas/oil ratio to values less 
than 500 scf/STBO). As stated in the previous paragraph, the required gas/
oil ratio decreases for deeper points of injection depth. This increase in the 
lifting efficiency is due to the fact that if gas can be injected deeper, a greater 
length of the production string can be aerated and, in consequence, less gas 
is required to obtain the same bottomhole flowing pressure that would create 
the same drawdown to keep the liquid production at a constant value.

A final computational operation could be run to gain more information on 
the capability of the gas lift system to meet the required injection gas flow 
rates within the range of available surface injection pressures. The calcula-
tion procedure that gives the results shown in Fig. 5.25 is offered by some 
of the commercially available software. This is the “Gas Lift Rate versus 
Casing Head Pressure” operation that can be run for several injection ori-
fice diameters, located at the approximate depth of the point of injection, 
to learn more about the expected surface injection pressures that will be 
required to inject the gas flow rates already found for each water cut. In this 
particular case, the available manifold pressure of 1800 psig can be used as 
the kickoff pressure because the injection manifold is very close to the well. 
The kickoff pressure is the required injection pressure to uncover the first 
(shallowest) valve during the unloading operation of the well. The operating 
injection pressure for the first valve, on the other hand, should be lower than 
the kickoff pressure to account for any fluctuation in the gas lift system’s 
pressure and to be able to provide a pressure differential that will make it 
possible to inject the required gas flow rate through the first valve to uncover 
the second valve. An operating pressure of 1750 psig is a reasonable value 
that will provide a 50 psi pressure differential to take care of any pressure 
fluctuation at the injection manifold (the operating surface injection pres-
sure of a particular valve is the required surface injection pressure to uncov-
er the next deeper valve while unloading the well from this particular valve). 
A sequential operating pressure drop per unloading valve of 30–50 psi will 
be required to make sure the unloading valves would be closed when gas is 
injected through the final point of injection (if  injection-pressure-operated 



2035.3  Calculation examples

unloading valves are used). Depending on the number of gas lift valves 
required to unload the well, the final operating injection pressure could be 
as high as 1730 psig (if only one unloading valve is needed) or as low as 
1600 psig (if three unloading gas lift valves are needed).

Fig. 5.53 shows the results obtained from running the “Gas Lift Rate versus 
Casing Head Pressure” operation for the approximate range of available 
surface injection pressures. The point of injection depth was assumed to 
be equal to 5200 ft. TVD and the wellhead production pressure was fixed 
at 350 psig. The results of this operation are based on nodal analysis: for 
a given reservoir static pressure, wellhead production pressure, injection 
orifice diameter, and surface gas injection pressure, there is one and only 
one possible liquid production flow rate and one gas injection flow rate. The 
required diameters of the injection orifices are as follows:

j A 5/16-in. orifice will be required to inject the gas flow rates found 
for a water cut of 30% (from 1.8 to 2.6 MMscf/D). A 6/16-in. orifice 
might be required if the injection pressure turns out (in the design) to 
be below 1620 psig.

j A 6/16-in. orifice will be required to inject the gas flow rates found for 
a water cut of 40% (from 2.6 to 4.2 MMscf/D). A 7/16-in. diameter 
might be required if the injection pressure turns out (in the design) to 
be below the range of injection pressures shown in the figure.

j A 6/16-in. orifice will be required to inject the gas flow rates found for 
a water cut of 50% (from 3.6 to 5 MMscf/D). A 7/16-in. orifice might 
be required if the injection pressure turns out (in the design) to be 
below the range of injection pressures shown in the figure.

Because this well can produce on natural flow, the unloading operation needs 
to be carried out even more carefully than it is required for usual gas lift wells, 
which are not capable of producing on natural flow. If a well can produce 
on natural flow, when it is opened to production for the first time after a gas 
lift valve change out, liquids from the annulus will flow into the tubing even 
before injecting gas into the casing. Very large liquid flow rates through the 
gas lift valves can be attained at this stage. Clearly, current API recommended 
practices for unloading this type of wells might not be applicable.

5.3.2 Example of preliminary calculations to design a 
gas lift well that cannot produce on natural flow
A well with the exact input data as the one presented in Section 5.3.1, but 
with a reservoir pressure of only 2000 psig, is to be designed on gas lift. A 
simple nodal analysis has shown that, with this reservoir pressure, the well 



■■ FIGURE 5.53 Gas lift rate versus casing head pressure.
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cannot produce on natural flow. It is asked to find the possible depth of the 
point of injection and estimate the liquid production and the required injec-
tion gas flow rate if the water cut will remain constant at 10%.

As for the well in Section 5.3.1, the estimation of the injection gas flow rate 
and the point of injection depth that will be required are carried out with the 
help of the calculation procedure that was presented in Section 5.1.3 with 
the results shown in Fig. 5.33. Some of the commercially available software 
for gas lift design can automatically calculate the results shown in Figs. 5.33 
and 5.34 for as many injection gas flow rates and injection pressures as de-
sired by the user. However, if such operation is not available, the designer 
would have to individually find the depths of the point of injection and liquid 
flow rates using the “constant-injection-gas-flow-rate-equilibrium-curve pro-
cedure” for several injection gas flow rates (as shown in Fig. 5.31). In any 
case, the liquid production and point of injection depth must be calculated for 
a range of injection gas flow rates and probable surface operating injection 
pressures. The injection gas flow rate is usually an unknown parameter and 
the user has to iterate with several values until the desired liquid flow rate 
is achieved. A range of injection gas flow rates from 0 to 8 MMscf/D was 
used for this particular case. The operating injection pressure (which is the 
wellhead injection pressure the well will have under normal operation), on 
the other hand, is roughly estimated from the available pressure at the injec-
tion manifold and the number of unloading valves that is required for similar 
wells in the field. In this case, the manifold pressure is equal to 1800 psig and 
the number of unloading valves might be equal to 3 or 4 valves, for which the 
sequential pressure drop per valve (explained in chapter: Design of Continu-
ous Gas Lift Installations for several mandrel spacing techniques) may have a 
value that could go from 30 to 80 psi if it is desired to use injection-pressure-
operated gas lift valves. The usual nodal-analysis approach (for several injec-
tion gas flow rates as the outflow sensitivity variable) assuming that the point 
of injection is located at the maximum available depth (usually 60 ft. above 
the production packer) might not be advisable in this case because the injec-
tion pressure might not be high enough to reach this depth for all cases; but, as 
shown later for this well, the required injection pressures do not have to be as 
high as in the example in Section 5.3.1 because the production pressures are 
not very large (due to the lower liquid flow rates) and a simple nodal-analysis 
approach could be taken if the operating pressure is greater than 1200 psi.

Calculations were carried out considering a constant wellhead production 
pressure of 350 psig and a pressure drop across the orifice valve (at the 
point of injection) equal to 250 psi, which is larger than the usual 100 psi 
that is normally considered for lower injection pressures (this is because 
the pressure drop across the orifice valve should not be smaller than 10% 
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of the injection pressure at valve’s depth to avoid instability problems). 
Figs. 5.54 and 5.55 show the results for surface injection pressures from 800 
to 1400 psi. The exact value of the final surface operating injection pressure 
will be determined from the gas lift design calculations. At this stage, only 
the possible depths of the points of injection and the required gas flow rates 
are calculated.

Figs. 5.54 and 5.55 clearly show that the effect of the injection pressure 
on the liquid production and point of injection true vertical depth is very 
strong. This was not the case for the example shown in Section 5.3.1. 
The explanation for this behavior is easily understood by analyzing the 
geometry of the constant-injection-gas-flow-rate equilibrium curves. For 
this example, these curves are not as vertical and closely packed as for the 
previous example. In this case, the equilibrium curves can only reach the 
depth of the reservoir static liquid level, see Fig. 5.56. As was the case for 
the previous example in Section 5.3.1, as the gas flow rate Qgi is increased, 
the equilibrium curves become more closely spaced. This is the reason 
why, for a given injection pressure, the effect of the gas flow rate on the 
liquid production and the point of injection depth diminishes as the gas 
flow rate is increased, as shown in Fig. 5.57. The geometry of the constant-
injection-gas-flow-rate equilibrium curves also explains the reason why 
the injection pressure has a strong effect on the point of  injection depth 

■■ FIGURE 5.54 Liquid flow rates for several wellhead injection pressures.
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and the liquid production. As can be appreciated in Fig. 5.58, as the injec-
tion pressure increases (keeping the injection gas flow rate constant), the 
point of injection reaches greater depths and the downhole flowing pres-
sure is reduced in a significant way, thus increasing the liquid production 
in an appreciable manner.

■■ FIGURE 5.55 Injection point depths for several wellhead injection pressures.

■■ FIGURE 5.56 Equilibrium curves for different injection gas flow rates for a well that 
cannot produce on natural flow.
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■■ FIGURE 5.58 Pressure traverse curves for two different surface injection pressures Pinj 
and the same injection gas flow rate.

■■ FIGURE 5.57 Pressure traverse curves for different injection gas flow rates and 
constant surface injection pressure Pinj.
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Fig. 5.54 shows that, if the injection pressure is 800 psi, the maximum liquid 
flow rate is approximately equal to 2800 STBL/D for an injection gas flow 
rate of 8 MMscf/D. The injection gas/oil ratio will be (for a 10% water cut) 
equal to approximately 3200 scf/STBO, which is very high. This is a con-
sequence of having the point of injection depth equal to only 4000 ft. TVD. 
Contrary to the case shown in Section 5.3.1 for a natural flowing well, in 
this case reaching a deeper point of injection can significantly improve the 
efficiency of the lifting method. This is achieved by increasing the injection 
pressure. For an injection pressure of 1400 psi, with an injection gas flow 
rate of 6 MMscf/D, the liquid production is equal to 4300 STBL/D and the 
injection gas/oil ratio is only 1550 scf/STBO. This injection gas/oil ratio is 
just below half the injection gas/oil ratio for an injection pressure of 800 psi. 
This is because the point of injection depth is equal to 7000 ft. TVD, for 
which greater drawdown can be achieved. The same depth, liquid produc-
tion, and injection gas/oil ratio can also be achieved with 1200 psi of surface 
injection pressure. An economic analysis is needed to determine if it is fea-
sible to increase the compressor’s outlet pressure in order to be able to inject 
at 1200 psi instead of 800 psi because this decision depends on the number 
of wells that will benefit from higher injection pressures in a particular field 
and the additional cost of gas compression and transportation.
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6
Gas lift equipment

The required subsurface equipment and completions used in gas lift wells 
are presented in this chapter. A detailed explanation of important topics re-
lated to gas lift valves is given in the first part of the chapter: types of valves, 
their internal components, and working mechanisms. The different types 
of latches that are used to secure gas lift valves inside the gas lift mandrels 
where they are installed are also presented, followed by a description of the 
gas lift mandrels currently used in gas lift installations. The most common 
wireline tools that are used to perform the different wireline jobs in gas lift 
wells are presented and illustrated with the help of many figures. Finally, 
a detailed explanation is presented of the many types of well completions 
that can be used to produce a well on gas lift, such as: single completions, 
accumulation chambers, accumulators, dual completions, use of coiled tub-
ing, and plunger-assisted gas lift installations. The advantages and disad-
vantages of these completions, as well as many practical recommendations 
regarding their installation and operation, are covered in detail.

6.1 GAS LIFT VALVES AND LATCHES
Several gas lift valves are commonly installed in a single well because it is 
necessary to locate the point of injection as deep as possible in the well and 
the use of just one valve is, most of the time, insufficient. The deeper the 
point of injection is, the lower the bottomhole flowing pressure becomes 
and a greater liquid production can be achieved. The available injection 
pressure is usually not high enough to unload the well to the deepest point 
of injection possible. This is the reason why the unloading process is per-
formed at different stages, with several unloading valves located along the 
production tubing. At the beginning of the unloading operation, most of 
the unloading valves, if not all, are open and every time a deeper valve is 
uncovered (that is, the liquid level descends to the depth of the deeper valve 
due to the action of the injection gas), the upper valve closes and this pro-
cess continues until the final point of injection is uncovered. In this way, the 
available surface injection pressure does not need to be very high to reach 
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the deepest possible point of injection and gas compression and distribution 
costs are reduced. The unloading process of gas lift wells is described at the 
beginning of chapter: Design of Continuous Gas Lift Installations.

The valve with the simplest design will most of the time be the best selec-
tion for lifting gas lift wells. According to the type of gas lift mandrel used, 
gas lift valves can be categorized as follows:

j Wireline-retrievable valves. These valves are located inside the 
production tubing in the side pocket of gas lift mandrels and they can be 
installed or retrieved by wireline operations performed inside the tubing. 
They are usually 1 or 1.5 in. in outside diameter, although new 1.75-in., 
high-pressure valves, for high injection pressure applications, are 
entering the market. High-pressure valves are also available in 1.5-in. 
OD valves. In normal operation, wireline-retrievable valves acquire 
a temperature that lies between the injection gas temperature and the 
production temperature (the temperature of the gas–liquid mixture along 
the production tubing is known as the “production temperature”). For 
some types of valves, their temperatures in normal operation are closer 
to the production temperature while for others their temperatures are 
closer to the injection gas temperature, see Section 9.2.4.

j Tubing-retrievable valves, also called conventional valves. It is 
necessary to pull the tubing string out of the well to retrieve these 
valves. They usually come in sizes of ⅝, 1, or 1.5 in. in diameter. 
The 1.5-in. diameter valves are installed in conventional mandrels 
in which the valves are outside the tubing and their temperatures are 
equal to the injection gas temperature. The 1-in. valves can also be 
installed in mandrels like the ones used for 1.5-in. valves, but they 
can also be installed inside the tubing in mandrels specially designed 
for macaroni-type tubing or in mandrels for packoff completions. 
Macaroni tubing and packoff completions are explained in Section 6.4. 
The ⅝-in. diameter valves are only installed in macaroni or packoff 
mandrels. In packoff installations, there might be either an unwanted 
hole in the tubing or the tubing was punched on purpose at a given 
depth and then a smaller diameter tubing section (of length usually not 
greater than 30 ft.), with a special type of gas lift mandrel and packers 
at each end, is installed in such a way that the punched (or unwanted) 
tubing-annulus communication is isolated and the injection gas from 
the annulus is forced to pass through the gas lift valve installed in the 
special mandrel.

j Special valves for coiled tubing completion. These valves are most of 
the time installed in concentric mandrels inside the coiled tubing and 
are usually small in size. There are special mandrels used with coiled 
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tubing in which wireline-retrievable valves can be installed, but they 
are usually available for coiled tubing nominal diameters of 2 in. or 
greater.

The valves that are used in continuous gas lift are called “single-element 
valves” because they have only one moving component. A different type of 
valve, called “pilot valve” has been developed for intermittent gas lift. Only 
single-element valves are explained in this chapter. With a few exceptions, 
single-element valves are not recommended for intermittent gas lift. Pilot 
valves are more complex and the way they operate (and fail) is explained in 
chapter: Design of Intermittent Gas Lift Installations.

According to the forces that try to open the valve, gas lift valves (single 
element or pilot valves) are classified as injection-pressure-operated (IPO) 
valves or production-pressure-operated (PPO) valves. The injection pres-
sure is the pressure of the injection gas at valve’s depth, while the produc-
tion pressure is the pressure downstream of the valve, also at valve’s depth. 
For both types of valves, the production and injection pressure try to open 
the valve, but for PPO valves the effect of the production pressure is greater 
because the production pressure acts on a greater area, while the opposite is 
true for IPO valves. Figs. 6.1 and 6.3 show, respectively, schematic views of 
single-element IPO and PPO valves and even though they are represented 
here as tubing-retrievable valves, their internal components are basically the 
same as the wireline-retrievable ones. Fig. 6.1a shows a schematic view of 
an IPO valve. The dome is usually charged with nitrogen at a pressure that is 
determined during the design of the gas lift installation. Nitrogen is injected 
into the dome through a dill valve, which is protected by a tail plug that is 

■■ FIGURE 6.1 IPO valve.
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shown in a more realistic way in Fig. 6.4 later in the chapter. The bellows is 
a metallic component that can expand or contract in response to changes in 
its internal and external pressures. It is usually filled with a viscous damp-
ing fluid that protects the bellows from sudden changes in pressure. A very 
small-diameter wire is usually wrapped around two or three convolutions 
of the bellows located at each end to protect the integrity of the bellows. 
Inside the bellows, there are internal components with passageways through 
which the damping fluid must flow every time the bellows expands or con-
tracts (not shown in the figure). For protection, these internal components 
also provide a guide for the bellows movement (so that it would only move 
up and down and not sideways) and a stop (that would prevent the bellows 
from moving once it has contracted to a minimum allowed length).

The upper part of the stem is connected to the lower end of the bellows as-
sembly and the lower part of the stem is connected to the ball of the valve. 
When the valve is closed, the ball sits on the seat of the valve and does 
not allow gas injection into the well. The ball and the seat of the valve are 
manufactured from different types of materials, depending on the erosion 
resistance that is required of them. The commercially available flow area 
of the seat might slightly change depending on the type of material used 
for its construction. The spring provides an additional force that, together 
with the nitrogen pressure, tries to close the valve. The spring is used only 
to add this additional force (smaller than the one provided by the nitro-
gen) to protect the bellows. Valve manufacturing companies establish the 
equivalent calibration pressure of the spring, which is usually a constant for 
a given valve model. The great majority of nitrogen-charged IPO valves in 
use today do not have this type of spring installed. On the other hand, there 
are IPO valves for which the only closing force comes from the spring and 
the dome is sealed at atmospheric pressure; however, valves of this type are 
rarely used for the reasons that are explained later in this chapter.

Finally, an integral check valve is installed inside the gas lift valve to pre-
vent the fluids from flowing from the tubing to the annulus if the valve is 
opened and the production pressure is greater than the injection pressure. 
Due to the small volume of the space between the check valve and the main 
seat of the gas lift valve right above (besides the fact that most check valves 
do not provide a totally hermetic seal) the following can be established. 
As much as it is true that the integral check valve prevents the fluids from 
entering the annulus, this check valve does allow the production pressure to 
be transmitted to the space just above it so that the ball is subjected to the 
production pressure (which is the tubing pressure in case of Fig. 6.1) if the 
valve is closed. An IPO gas lift valve then responds to both, the production 
and the injection pressure, but the injection pressure (Piod in Fig. 6.1) is 
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exerted over a larger area (bellows area minus the seat area) while the pro-
duction pressure (Pt) only acts on the seat area. This is why they are called 
“IPO valves.” Recently developed integral check valves can withstand pres-
sure differentials of up to 10,000 psi, making it an effective barrier when 
it is absolutely necessary to keep the production fluids from entering the 
casing annulus. Even if the check valve provides a tight hermetic seal that 
would not allow any communication from the tubing to the interior of the 
gas lift valve, the value of Pt is still acting on the ball of the valve. This is 
because the ball-seat contact always allows a small leak of gas from the 
casing–tubing annulus into the tubing and, as soon as the pressure of the 
volume located between the ball and the check valve gets to be higher that 
Pt, gas will pass through the check valve toward the tubing, keeping in this 
way the pressure on the ball constant at Pt for as long as the valve remains 
closed and the pressure in the annulus is greater than the pressure in the 
tubing at valve’s depth. Check valves that offer a tight hermetic seal are 
relatively new and most check valves used today in the industry do allow 
pressure transmission from the tubing into the volume located between the 
ball and the seat.

Fig. 6.1b shows a nitrogen-charged IPO valve without a spring, together 
with the pressures that try to open or close the valve. The annular gas injec-
tion pressure, Piod, acts on an area equal to the bellows area, Ab, minus the 
port area, Ap, and it tries to open the valve. On the other hand, the production 
or tubing pressure, Pt, acts on the seat or port area Ap and also tries to open 
the valve, but it has a reduced effect because the area of the seat is smaller 
and usually the production pressure is also smaller than the injection pres-
sure. The nitrogen pressure inside the dome, Pbt, acts on the entire bellows 
area and tries to close the valve. When the forces trying to open the valve are 
greater than those that try to close it, the valve opens and gas can be injected 
into the tubing if the injection pressure is greater than the production pres-
sure. Some IPO valves have their bellows installed as shown in Fig. 6.2a, 
b, with the purpose of being able to withstand greater calibration pressures 
because the dome pressure acts on the outside surface of the bellows (not 

■■ FIGURE 6.2 Different available configurations of IPO valves.
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on the inside) and the bellows is expanded, and not compressed, when the 
valve opens. This bellows configuration also allows the valve to be fully 
open with a lower pressure increase above the valve’s opening pressure, 
which is important during the unloading process because the required injec-
tion gas flow rate can be easily attained.

Chokes can be installed upstream or downstream of the seat of the valve 
as shown in Fig. 6.2b, c, respectively. Chokes upstream of the seat reduce 
the valve spread (defined as the difference between the valve’s opening and 
closing pressures) to a minimum value. This effect and the advantages it 
brings are explained in chapter: Design of Continuous Gas Lift Installations. 
Chokes downstream of the seat are installed so that the main pressure drop 
across the valve takes place through the choke and not through the seat. 
This has two advantages: it protects the seat from being eroded and helps 
stabilize the operation of the valve as explained in Section 8.3.

The bellows of most commercially available gas lift valves can withstand 
test-rack calibration pressures from 1800 to 2200 psi; but there are gas lift 
valves manufactured for high-pressure applications (with traditional bel-
lows technology) that can withstand greater calibration pressures. Addition-
ally, there are new gas lift valves in the market that do not use the traditional 
metallic bellows but a special arrangement of metallic rings (welded to-
gether at their inner and outer edges) that encapsulates a liquid inside a fixed 
total volume that can change in shape (as shown in Fig. 6.2d for a closed and 
opened valve). These valves can be used for very high test-rack calibration 
pressures. Nitrogen, at a pressure equal to Pbt, is applied inside the dome and 
not inside of the encapsulated liquid volume (which is sealed).

Fig. 6.3 shows different possible configurations of PPO valves.

The internal configuration shown in Fig. 6.3a is used for conventional and 
wireline-retrievable valves. The configuration shown in Fig. 6.3b is only 
used for conventional valves. In both cases (a and b), the production pres-
sure, Pt, is applied over the bellows area minus the port area, Ab–Ap, while 
the gas injection pressure, Piod, is applied over the port area Ap. Both of these 
pressures try to open the valve while the nitrogen pressure in the dome, Pbt, 
tries to close it. When the forces that try to open the valve are greater than 
the ones trying to close it, the valve opens and gas is injected from the an-
nulus into the tubing if the injection pressure is greater than the production 
pressure. Usually, PPO valves are spring loaded and the bellows is sealed at 
atmospheric pressure as shown in Fig. 6.3c, d, which are wireline-retriev-
able valves. The configuration shown in Fig. 6.3c is the most frequently 
one used. Gas lift wells with PPO valves are very difficult to troubleshoot 
because it is difficult to accurately calculate the production pressure, which 
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is not the case for the much easier calculation of the gas injection pressure 
at depth. An additional disadvantage PPO valves with the configurations 
in Fig. 6.3a, c, d have is that the seats for these valves are very restrictive 
(they have smaller discharge coefficients). These seats are called crossover 
seats: the gas enters the stem-tip area through a lateral orifice and then it is 
directed downward through five or six parallel holes that direct the gas flow 
toward the nose of the valve (these holes have a combined flow area that is 
larger than the flow area of the lateral orifice). Recently developed cross-
over seats offer a flow area larger than the one provided by the five or six 
parallel holes. Despite their disadvantages, PPO valves are recommended 
in places where the injection pressure is very low or it is constantly fluctuat-
ing. PPO valves are also recommended for dual wells to minimize the role 
the gas injection pressure plays on the opening and closing of the valves. 
Some experts do not recommend the use of PPO gas lift valves in wells that 
produce sand because the valve can get completely sand packed around the 
bellows and bellows adapter.

■■ FIGURE 6.3 PPO valves.
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Fig. 6.4 shows a more realistic view of the internal components of a wire-
line retrievable, IPO, gas lift valve. It also shows how the gas lift valve is 
installed and secured inside the pocket of a gas lift mandrel. Different ge-
ometries of gas lift mandrels are given in the next section.

The tail plug shown in Fig. 6.4 is very important. If this plug fails and the 
outside pressure surrounding the valve is greater than the dome pressure, the 
dome will be pressurized because the dill valve opens whenever the outside 
pressure is greater than the dome’s inside pressure. A copper washer below 
the plug and an O-ring (or two) surrounding the plug are used to seal the 
tail plug. The latch that secures the gas lift valve to the mandrel is installed 
above the tail plug. The injection pressure inside the valve could unseat the 
valve off the mandrel’s pocket if a latch is not used. There are several types 
of latches that correspond to the type of gas lift mandrel being used. The 
different ways latches secure gas lift valves inside the pocket are explained 
at the end of this section. The gas lift valve upper and lower packing shown 
in Fig. 6.4 force the injection gas to pass from the mandrel’s ports to the 
inside of the gas lift valve only. The packing’s outside diameter is such that 
it offers a perfect seal against the pocket’s polished bore. The packings are 
made out of nonmetallic materials of different compositions depending on 
the type of application: “common elastomeric materials” for normal opera-
tions or “special materials” for acid job environments or hot applications for 
wells that have been subjected to steam injection. Fig. 6.5 shows the way 
the gas is injected from the annulus, through the gas lift valve, and into the 
tubing. The injection gas usually enters the tubing through the nose of the 
valve in a direction opposite to the direction of the liquid flow. This fact does 
not affect the production of the well because the usual in situ gas flow rates 
and the density of the injection gas are not sufficiently high to slowdown the 
liquids from the formation.

■■ FIGURE 6.4 Internal components of a wireline retrievable, IPO, gas lift valve.
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Tubing-retrievable valves are called “conventional valves” because they 
were the only ones used before the development of wireline-retrievable 
valves. The components of a conventional valve (as they actually look 
like) and the way they are installed in conventional mandrels are shown 
in Fig. 6.6. Most conventional mandrels are a lot cheaper than side-pock-
et mandrels. Different types of mandrels for tubing-retrievable valves are 
shown in the next section. As explained in Section 6.2, conventional valves 
are still in used around the world.

The size of a gas lift valve is an important issue. The 1.5-in. diameter valves 
are highly recommended because they offer the following advantages:

j They allow higher gas injection flow rates.
j They last longer without failures.
j They have a wider range of area ratios. The area ratio is defined as the 

area of the seat divided by the area of the bellows. The role the area 
ratio of the valve plays on the opening and closing pressures of gas lift 
valves and the benefits of having area ratios from very small to very 
large values are explained in chapter: Gas Lift Valve Mechanics.

j For continuous gas lift operations, it is better to have smaller values of 
the spread of the valve (the spread is defined earlier as the difference 
of the opening pressure minus the closing pressure of the valve). This 
avoids an operational instability known as “valve interference” in 
which more than one valve are opened at the same time. The smaller 
the area ratio of the valve is, the smaller its spread becomes. The 1.5-in. 
diameter valves have area ratios that are smaller than the ones for 1-in. 
valves of the same seat diameter. This is why 1.5-in. diameter valves 

■■ FIGURE 6.5 Gas flow from the injection annulus, 
through the gas lift valve, and into the production tubing.

■■ FIGURE 6.6 Conventional valve installed in a 
conventional mandrel.



220 CHAPTER 6 Gas lift equipment

tend to have less valve interference problems than 1-in. valves do. 
Valve interference is explained in chapters: Design of Continuous Gas 
Lift Installations; Continuous Gas Lift Troubleshooting. Additionally, 
if the area ratio is very small, the effect of the production pressure 
on the opening of the valve is reduced: this makes troubleshooting 
analysis simpler because the errors made in the calculation of the 
production pressure (which is difficult to accurately calculate) do not 
have a great impact on the prediction of the opening pressure of the 
valve.

j Once a 1.5-in. diameter valve is opened, the increment in the injection 
pressure needed to completely open the valve is smaller than the one 
required for 1-in. diameter valves. It is very important to be able to 
open the valve as wide as possible so that the ball would not interfere 
with the injection gas flow. The increase in injection pressure needed 
to move the ball a given length is proportional to what is called 
the “bellows load rate,” which is the ratio of the injection pressure 
increase to the stem traveled distance this pressure increment causes 
under quasistatic conditions (very small gas flow rates). If the bellows 
load rate is small, the increase in pressure needed to completely open 
the valve is reduced (nitrogen-charged, 1.5-in. diameter valves have 
smaller bellows load rates because the volume the nitrogen occupies in 
the dome is larger).

One minor disadvantage that 1.5-in. OD valves have is that they are slight-
ly more difficult to pull out of side-pocket mandrels using wireline tools 
because higher loads need to be imposed on these tools. Wireline service 
companies need to maintain kickover, running and pulling tools in excellent 
conditions to avoid operational problems while retrieving or installing 1.5-
in. valves. Installing 1.5-in. OD valves can also be more difficult in deviated 
production tubing strings because the weight of the valve might not allow it 
to align with the side-pocket entrance.

The great majority of wells on gas lift have what is called “orifice valves” 
installed at the operating point of injection (the deepest possible point of 
injection in the well) while “calibrated valves” (as the ones shown so far) 
are used as the unloading valves. Orifice valves are shown in Fig. 6.7. An 
orifice valve looks identical to a calibrated gas lift valve on the outside; but, 
only the port and the integral check valve are installed in the inside of orifice 
valves and, in consequence, they are always “open.” The seats are usually 
the same as those found in calibrated valves, but there are orifice valves that 
have a more streamlined seat design, like the one shown in Fig. 6.7b. As 
explained in chapter: Gas Flow Through Gas Lift Valves, this special type 
of seat design helps stabilize the production of the well.■■ FIGURE 6.7 Orifice valves.
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The advantages of having an orifice valve installed at the operating point of 
injection are:

j The injection pressure can drop to low values without causing the 
valve to close (simply because they are always opened).

j They offer less resistance to the injection gas flow because they do not 
have the stem and the ball of a calibrated valve interfering with the 
flow.

j The gas flow rate is calculated with very simple equations instead of 
the complex models that are needed for calibrated gas lift valves.

j They are less expensive.

However, there are situations in which it is better to have calibrated valves 
installed at the operating point of injection. For example, if the compressor 
plant trips and the reservoir pressure is low, the injection gas pressure in the 
annulus will drop to very low values if an orifice is installed at the operating 
point of injection. The operating injection pressure will have to be restored 
once the compressor is started again. If the well is not immediately shut in, 
the gas lost from the annulus goes into the separator and to the gas gathering 
lines that go to the inlet of the compressor. The compressor suction pressure 
is usually a fixed value that cannot be surpassed, so it might be necessary to 
vent part of the gas coming from the wells after the compressor has tripped, 
unless the gas can be directed to a low-pressure sales line. If a calibrated 
valve is installed at the operating point of injection, once the compressor 
is down the injection pressure in the annulus of the well only drops to the 
valve’s closing pressure and it stays at that value until the compressor is 
restarted.

Calibrated valves installed at the point of injection also make it easier to 
troubleshoot the well. If an IPO valve at the operating point of injection, or 
any IPO unloading valve, is damaged, it is easily detected by shutting off 
the gas injection to the well. If the injection pressure decreases below the 
injection closing pressure of the operating valve, one of the valves installed 
in the well must have failed and it is open.

An additional advantage calibrated valves have is that they tend to stabilize 
the operation of the well if the instability problem is not too severe.

Usually, the surface injection pressure downstream of the surface gas flow 
rate control valve (or choke) is an indication of the production pressure 
at the depth of the gas lift orifice valve (as indicated earlier, the produc-
tion pressure is the pressure downstream of the valve). If this production 
pressure is much lower than its expected design value, the surface injection 
pressure might also be very low and, due to the high pressure drop, hydrate 



222 CHAPTER 6 Gas lift equipment

formation across the surface injection control valve (or choke) could inter-
rupt the injection gas flow into the casing–tubing annulus. This problem is 
easily solved by installing a calibrated valve at the point of injection to keep 
a high surface injection pressure, regardless of the value of the production 
pressure at depth.

Orifices and seats should be built to resist abrasion. Cut seats are very com-
mon in gas lift wells. Solid particles carried with the injection gas, or with 
the liquids during the unloading of the well, can cut the seat of the valve. 
Some quantity of gas, usually very small, leaks through a gas lift valve with 
an eroded or cut seat. This is easily verified by a downhole temperature 
survey; a slight decrease in temperature is usually observed at unloading 
valves. These gas leaks are usually not very important, but sometimes they 
considerably reduce the lifting efficiency. For normal operations, seats are 
made out of standard monel and for high abrasion resistance they are made 
out of solid carbide. For some valve models, the flow area of the seat slight-
ly changes with the type of material used in its construction.

Up to this point, it has been assumed that the gas is injected down the annu-
lus and the liquids are produced up the tubing. In some cases, it is beneficial 
to inject the gas down the production tubing and produce the liquids up the 
annulus. This is recommended in wells with a very high liquid production 
flow rate for which the pressure drop in the tubing would be too large. When 
the liquids are produced up the annulus, it should be checked if corrosive el-
ements such as CO2 or H2S in presence of water, or any other corrosive agent 
that can damage the casing, are not present. There are special mandrels (for 
wireline-retrievable valves) that are specifically designed for annular liquid 
production, although normal mandrels can also be used for that purpose. All 
these possibilities explain why there are many available internal configura-
tions of gas lift valves: to adapt their operations to the type of mandrel and 
flow (annular or tubing production) in which the well is producing. These 
valve configurations are shown in the next section after the different types 
of mandrels are described, see Figs. 6.23 and 6.24.

Sometimes it is necessary to isolate the tubing–annulus communication pro-
vided by a gas lift mandrel. This happens when an unloading valve is no 
longer needed because the production pressure has declined and the mandrel 
can be skipped (during the unloading operation) to reach deeper in the well. 
In those situations, a solid metallic bar, shaped like a gas lift valve (with 
upper and lower packings and latch) is simply installed in the side pocket 
of the unloading mandrel that is no longer needed. They are called “dum-
my valves.” If a dummy valve needs to be installed in a mandrel, between 
two production packers, that is used to communicate an oil, gas, or water 



2236.1  Gas lift valves and latches

producing zone with the tubing, a special dummy valve, called an “equal-
izing dummy” should be installed in the mandrel. If an ordinary dummy 
valve is installed, the pressure in the annulus might be higher than the pres-
sure in the tubing and the wireline tools might be blown up the tubing once 
the latch of the dummy valve has been released. With equalizing dummies, 
both pressures are equalized first by pulling out a prong installed inside the 
dummy valve and establish in this way a tubing-annulus communication 
before the latch is released. Most equalizing dummies require two wireline 
trips, one to equalize the pressures and the other to pull the valve out of the 
well; however, some models allow both operations in just one wireline trip.

There are situations in which gas lift mandrels with dummy valves are in-
stalled in new wells that can produce on natural flow. When the water cut 
increases or the reservoir pressure decreases and the well can no longer pro-
duce on natural flow, these dummy valves can then be replaced by calibrated 
valves to be able to produce the well on gas lift. There are new products that 
eliminate the need of using dummy valves in new wells: instead of using 
dummy valves, calibrated valves can be run in the new well at the beginning 
of its operation, but these valves are intentionally plugged with a special 
sealing material that can be dissolved by injecting the appropriate chemicals 
once the well needs to be operated on gas lift. There is also a type of dummy 
valve that can be transformed into an orifice valve by pulling out a prong 
installed inside the dummy valve (without unlatching it), leaving a hollow 
valve with a seat of a given diameter that can then be used as an orifice valve 
at the operating point of injection.

In places where organic or inorganic depositions can accumulate inside the 
production tubing, mandrels and gas lift valves can be ordered with special 
coating materials that prevent the accumulation of such depositions in criti-
cal places like the latch.

As shown in Fig. 6.4, the latch is installed in the upper part of a wireline-
retrievable valve to secure it to the gas lift mandrel where the gas lift valve 
is installed. Fig. 6.8 shows a latch in which the locking element is a ring.

The pin keeps the sliding piece fixed to the latch body. Fig. 6.9 shows how 
the latch is inserted into the space where the latch shoulder is located, right 
above the pocket of the gas lift mandrel. As the valve enters the pocket, the 
latch ring makes contact with the latch shoulder in the mandrel. In Fig. 6.9a, 
the ring (as it moves downward) contacts the latch shoulder. Then, as the 
latch continues to move, the ring moves sideways thanks to the shape of the 
sliding piece, allowing the latch to pass through the latch shoulder, Fig. 6.9b. 
Once the ring has passed the latch shoulder, the spring pushes the ring back 
down to its initial position and the gas lift valve is secured in the mandrel: ■■ FIGURE 6.8 Ring-type latch.
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the only way to unlatch the valve is to shear the pin so that the sliding piece 
moves upward and the ring can move sideways to retrieve the gas lift valve.

To unlatch the valve, the sliding piece should be stroked in the direction of 
the arrow shown in Fig. 6.10a, until the pin is sheared and the sliding piece 
can move upward, allowing the latch ring to move sideways, Fig. 6.10b.

The latch shoulder for ring-type latches is a semicircle (not a 360-degree 
shoulder). It is important to know that for 1.5-in. diameter valves, there 
are also 360-degree latch shoulders, where it is not possible to install ring-
type latches. Fig. 6.11 shows the latching process in a mandrel with a 
360-degree latch shoulder. The way this type of latch can be pulled out of 
the mandrel is shown in Fig. 6.12. Latches for 1-in. OD gas lift valves are 

■■ FIGURE 6.9 Gas lift valve latching mechanism. ■■ FIGURE 6.10 Unlatching mechanism.

■■ FIGURE 6.11 Gas lift valve latching mechanism in 
mandrels with 360-degree latch shoulders.

■■ FIGURE 6.12 Unlatching mechanism 
(360-degree latch shoulder).



2256.1  Gas lift valves and latches

all for 180-degree latch shoulders, while for 1.5-in. OD gas lift valves there 
are latches for 180- and 360-degree latch shoulders.

The O-rings in the latch shown in Fig. 6.12 are used in case it is desired to 
isolate the lower part of the latch to avoid dirt accumulation that might make 
it hard to pull the valve out of the pocket. But there are situations in which it 
is desired to allow liquid or gas flow around the latch. Some gas lift valves 
used in the past had their gas outlet ports in the upper part of the valve and 
not in the nose. This type of valve is shown in an example in the next sec-
tion; see Figs. 6.21 and 6.22. These valves need to be installed with latches 
without O-rings. Some circulating valves are also installed using latches 
without O-rings (circulating valves are installed in gas lift mandrels to pro-
tect the polished bore of the side pocket when the well is circulated with 
clean fluids after a workover job). Fig. 6.13 shows the two types of latches 
presented so far, with and without O-rings. The ones without O-rings usu-
ally have a groove along the lower box connection.

A third type of latch is described in Figs. 6.14 and 6.15. This type of latch 
is called a “collect latch” and its main advantage is that it can slide into the 
mandrel very easily, making it ideal for places where it is difficult to jar 
downward to install the gas lift valve.

Some 1-in. diameter gas lift valve models have latches very similar to the 
one described in Figs. 6.14 and 6.15 , that are integral part of the valve 
but located just above the nose of the valve, as shown in Fig. 6.16. It is 

■■ FIGURE 6.13 Latches with and without O-rings. ■■ FIGURE 6.14 Installation of a collect-type latch.

■■ FIGURE 6.15 Unlatching mechanism 
(collect latch).
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important to keep in mind that these type of valves cannot be installed in 
most gas lift mandrels designed for annular flow or for accumulation cham-
bers; both of these mandrels are explained in the next section.

6.2 GAS LIFT MANDRELS
As indicated in the previous section, gas lift mandrels can be classified as: 
(1) mandrels for conventional or tubing-retrievable valves, and (2) mandrels 
for wireline-retrievable valves. Different types of conventional mandrels are 
shown in Fig. 6.17. Conventional mandrels were developed before mandrels 
for wireline-retrievable valves were introduced. Today, the great majority 
of mandrels used in the industry are for wireline-retrievable valves, but con-
ventional mandrels are still manufactured and installed in some wells. The 
main advantage of conventional mandrels is their low cost. Conventional 
mandrels are also used in wells that are not very deep because they are eas-
ily pulled out of the well. On the other hand, in wells of moderate depths 
some operators install conventional mandrels above the static liquid level 
and mandrels for wireline-retrievable valves below the static liquid level be-
cause the probability of failure increases at greater depths. In some wells on 
plunger-assisted intermittent gas lift (see Fig. 6.88a), conventional mandrels 
could be used for the unloading valves so that the plunger can pass through 
the unloading mandrel without problem.

Configurations in Fig. 6.17a–c, correspond to mandrels where the gas lift 
valve is installed outside the tubing, while configurations in Fig. 6.17d, e 
are for valves installed inside the tubing. The designer should have a good 
idea of the temperature of nitrogen-charged gas lift valves; therefore, the 

■■ FIGURE 6.16 1-in. valve with integral 
lower latch.

■■ FIGURE 6.17 Mandrels for conventional valves (tubing-retrievable valves).
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position of the valve with respect to the production fluids is important as it 
affects the temperature of the valve. When the liquids are produced up the 
tubing string, conventional valves installed inside the tubing have a tem-
perature closer (if not equal) to the production temperature than to the injec-
tion gas temperature. Valves completely outside the tubing have tempera-
tures equal to the gas injection temperature at valve’s depth. The opposite 
is true when the well is produced up the annulus: valves outside the tubing 
would have temperatures equal to the production temperature, while valves 
installed inside the tubing would have temperatures equal to the injection 
gas temperature (which in most situations is only slightly lower than the 
liquid production temperature). Configuration shown in Fig. 6.17c is ideal 
for small-diameter casing, while the configuration shown in Fig. 6.17e is 
used in coiled tubing completions.

Fig. 6.18 shows a mandrel for wireline-retrievable valves that has several 
features that are now standard but not present in early designs of this type of 
mandrel. Some of these features are:

j The orienting sleeve is a tool guide that allows the installation of gas 
lift valves in wells with inclination angles of up to 70 degrees with 
respect to the vertical. The way the orienting sleeve is used in the 
valve installation process is explained in this chapter in the section 

■■ FIGURE 6.18 Side pocket mandrel for wireline-retrievable valves.
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devoted to wireline equipment. With orienting sleeves, valves can be 
installed in wells with inclinations of up to 50 degrees with respect to 
the vertical without the use of special wireline tools. For inclinations 
between 50 and 70 degrees, it might be necessary to use special 
wireline tools to install the valve (especially 1.5-in. OD gas lift valves 
because they are heavier and, in consequence, harder to maintain at 
the right approaching angle to enter the pocket of the gas lift mandrel). 
Even though new wireline tools can be used to install gas lift valves 
at larger inclination angles (even at 90 degrees with respect to the 
vertical), it might not be beneficial to install valves at inclination 
angles greater than 70 degrees with respect to the vertical. Injecting gas 
at very large inclination angles might actually increase the bottomhole 
flowing pressure because: (1) the friction component of the pressure 
drop is increased, while (2) the multiphase flow tends to stratify, 
increasing the liquid holdup (therefore increasing also the hydrostatic 
component of the pressure drop along the production tubing).

j The tool discriminator guides side-pocket devices (with the proper 
diameter) into the mandrel’s side pocket and deflects larger tools 
toward the tubing bore.

j Recessed mandrel ports allow full gas flow even if the mandrel leans 
against the casing, contacting it right where the ports are located. 
However, even mandrels with recessed ports can present problems if 
the tubing inclination angle with respect to the vertical is approaching 
90 degrees because dirt can accumulate at these ports if the mandrels 
lean against the casing precisely where the ports are located. This is 
yet another reason for not installing gas lift mandrels at such high 
inclination angles. Most of the time, it is not necessary to install 
mandrels at very steep inclination angles with respect to the vertical 
because the net gain in true vertical depth might not be worth the 
effort of trying to reduce the hydraulic pressure component. Also, as 
indicated earlier, injecting gas in nearly horizontal pipes might just 
increase the segregation of the phases, increasing the slip velocity 
(difference between the gas and liquid in situ velocities), therefore 
achieving a very small decrease of the liquid holdup.

j Integrally forged side pockets allow higher test pressures in new 
mandrels.

There are several types of side-pocket mandrels for wireline-retrievable 
valves, such as the ones shown in Fig. 6.19.

Referring to Fig. 6.19, configuration (a) is identical to the one in Fig. 6.18. 
This type of mandrel is regularly used to inject gas from the casing–tubing 
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annulus into the tubing, although it can also be used to inject gas from the 
tubing into the annulus by reversing the orientation of the check valve inside 
the gas lift valve, but in this case PPO valves will behave as IPO valves do 
and vice versa.

With configuration (b), when the gas lift valve opens the gas flows from the 
annulus into a snorkel instead of flowing toward the tubing. The snorkel is 
usually connected to a special production packer that directs the gas flow 
into an accumulation chamber located below the upper packer. Accumula-
tion chambers are described in the next section. The 1-in. diameter valves 
with integral lower latch might not be installed in this type of mandrel (the 
designer should check with the manufacturer of the mandrel).

Configuration (c) corresponds to a mandrel specially designed for annu-
lar liquid production. The ports of the mandrel communicate the inside of 
the production tubing to the side pocket. The side-pocket outlet is directed 
toward the annulus by means of a snorkel located below the side pocket. 
In this way, the gas is injected toward the annulus with less pressure drop 
across the gas lift valve than when configuration (a) is used for annular flow. 
Additionally, with configuration (c) IPO valves still behave as IPO valves 
when gas is injected down the tubing. It should be kept in mind (while 
 performing design or troubleshooting calculations) that the temperature of 
the valve is equal to the temperature of the injection gas when the gas is 

■■ FIGURE 6.19 Side pocket mandrel configurations for wireline-retrievable gas lift 
valves.
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injected down the tubing but the temperature of the gas in this case is almost 
identical to that of the fluids being produced up the annulus. It might not 
be possible to install 1-in. valves with integral lower latch in mandrels with 
configuration (c).

Configuration (d) has a side pipe (parallel to the mandrel) through which the 
lift gas is injected. The ports of the mandrel communicate the side pipe with 
the pocket of the mandrel. This type of mandrel is ideal for wells in which 
the casing cannot withstand the high injection pressures or for inserted ac-
cumulation chambers for which the point of injection is too far below the 
production packer (examples of inserted accumulation chambers are given 
in the next section). The designer should take into consideration the fric-
tion pressure drop along the side pipe. This type of mandrel is also recom-
mended in cases in which the injection gas is highly corrosive and might 
damage the casing.

Side pocket mandrels can be ordered with integral guard devices and lon-
gitudinal grooves to protect chemical injection conduits, electric cables, or 
fiber optic cables being run in the well simultaneously with the mandrel.

There are new side-pocket mandrels with the configuration presented in 
Fig. 6.19a, in which their ports communicate with the annulus by means of 
an integral check valve (injection gas from the casing–tubing annulus has to 
pass through this check valve before entering the side pocket). In this way, 
when the gas lift valve (installed in the side pocket) is retrieved, the fluids 
inside the tubing do not enter the annulus. This avoids having to unload the 
well every time a gas lift valve needs to be replaced. The two disadvantages 
of this type of mandrel are: (1) if the check valve stops working properly, 
the tubing needs to be pulled out of the well to replace the mandrel, and (2) 
the pressure drop through the integral check valve might be too large for 
high-injection-gas-flow-rate applications.

With the exception of mandrels designed for annular liquid production, all 
mandrels shown in Fig. 6.19 have recessed ports, but that is not the case for 
old side-pocket mandrels, such as the ones shown in Fig. 6.20 which are 

■■ FIGURE 6.20 Cross-sectional view of old mandrel geometries.
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still in use in many wells around the world. These mandrels might not al-
low full gas flow if they are up against the casing. The configuration shown 
in Fig. 6.20b is an improved geometry present in more recent, but still old, 
models.

Some mandrels are designed with a completely circular cross-section in-
stead of the oval shape shown so far. These mandrels have higher test pres-
sures than the ones with oval cross-sectional geometries. It is important to 
know the maximum internal and external pressures that a mandrel can with-
stand, especially for the deeper ones installed in a well (or all of them if 
the well will be subjected to hydraulic fracturing jobs). It is also important 
to keep in mind that some mandrels have their major diameters reduced so 
that they can fit inside the casing (major and minor diameters are shown 
in Fig. 6.20); therefore, these mandrels have lower test pressures. Some 
mandrels are heat treated for corrosive environments and they usually have 
lower test pressures.

Besides limitations imposed by maximum internal and external pressures, 
there are geometry constrains that might not allow the installation of a given 
gas lift mandrel:

j The major diameter should be small enough so that the mandrel can be 
installed inside the casing without blocking gas injection.

j The mandrel’s internal drift diameter should be compatible with the 
rest of the completion. For example, a landing nipple with a drift 
diameter greater than the drift diameter of a gas lift mandrel (located 
above this landing nipple) will be useless.

j A mandrel without an orienting sleeve should not be installed in an 
inclined well. But even mandrels with orienting sleeves should not be 
installed in wells with inclination angles with respect to the vertical 
greater than 70 degrees for the reasons given earlier.

Fig. 6.21 shows two old mandrel models; they do not have either orienting 
sleeve or tool discriminator. The latch shoulder is a complete circle (360-de-
gree type), which are unusual nowadays. The pocket in Fig. 6.21a has upper 
orifices and the latch is grooved to allow gas or liquid flow, depending on 
the type of application for which the mandrel was installed. The pocket of 
the mandrel shown in Fig. 6.21b has O-rings to prevent dirt accumulation 
on top of the latching mechanism.

The valve shown in Fig. 6.22 should be installed in mandrels like the one 
shown in Fig. 6.21a. The tubing pressure is transmitted into the inside of the 
gas lift valve through the upper orifices of the mandrel pocket (and through 
the grooved latch) to open the gas lift valve, which is therefore a PPO valve. ■■ FIGURE 6.21 Old mandrel models.
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The gas from the annulus then enters the tubing directly through the upper 
pocket orifices.

The different types of gas lift mandrels and the possibility of having tubing 
or annular flow, make it necessary for gas lift valves to have different inter-
nal configurations to adapt to each combination of operational condition, as 
shown in Figs. 6.23 and 6.24.

■■ FIGURE 6.23 Different valve 
configurations for standard-type mandrels.

■■ FIGURE 6.22 PPO valve with upper gas outlet.
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In Fig. 6.23a, b, the gas lift valves are exposed to the production temperature 
and they behave in the way they were designed for: PPO or IPO valves. The 
following aspects should be considered in Fig. 6.23c, d:

j The valves are exposed to the injection gas temperature.
j The friction pressure drop along the tubing could be significant for 

large gas flow rates.
j IPO valves behave as PPO valves and vice versa.

In Fig. 6.24a, b, the valves are exposed to the injection gas temperature and 
the frictional pressure drop along the production tubing should be taken into 
account. The valves installed in this manner behave in the way for which 
they were designed: as IPO or PPO valves. In Fig. 6.24c, d, valves are ex-
posed to the production temperature. In this case, PPO valves behave as IPO 
valves and vice versa.

Sometimes it is necessary to inject gas at an extremely high flow rate. For 
these cases, there are mandrels with more than one side pocket. In Fig. 6.25 
two possible configurations of multipocket mandrels are shown. In the 

■■ FIGURE 6.24 Different valve 
configurations for mandrels specially 
built for annular flow.

■■ FIGURE 6.25 Mandrels with more than one pocket.
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configuration to the left, the external mandrel’s ports are connected to the 
pockets, which is the usual case for annular gas injection. In the configura-
tion to the right, the mandrel’s ports are internally connected to the pockets, 
which is the design for annular liquid production. There are mandrels with 
up to five pockets but they can only be installed in wells with very large cas-
ings. In all cases, special wireline kickover tools must be used to install or 
retrieve the gas lift valves.

There are new mandrels with two pockets that are used to increase the pro-
tection of the casing–tubing annulus by providing a constant and stronger 
barrier to keep production fluids from entering the annulus in normal op-
eration or, especially, while replacing the current gas lift valve. An orifice 
valve (with a very large seat and a high differential pressure check valve) is 
installed in one pocket and in the other pocket the actual (according to the 
gas lift design) gas lift valve is installed. The external ports of the mandrel 
connect the well’s annulus to the first pocket (where the orifice valve is 
installed) only. Gas from the annulus is injected into the orifice valve fol-
lowing the same path the gas flows into any orifice valve (through the ports 
of the valve first, then through its seat, and finally through the check valve 
at the nose of the valve). The first pocket is connected to the second pocket 
so that the gas out of the nose of the orifice valve is injected into the gas 
lift valve in the second pocket. Gas enters the gas lift valve in the second 
pocket in the same way it does in any gas lift valve (through the ports of the 
valve first, then through its ball-seat flow area, and finally through the check 
valve at the nose of the gas lift valve). The gas coming out of the gas lift 
valve installed in the second pocket then finally flows into the production 
tubing. This arrangement allows the gas lift valve (in the second pocket) to 
be pulled out of the well without liquids from the production tubing enter-
ing the annulus. At the same time, this type of mandrel offers two check 
valves (one in the gas lift valve and the other in the orifice valve) that serve 
as a high-pressure barrier to keep the production liquid from entering the 
annulus.

The advantage of the mandrel described in the previous paragraph (over the 
mandrels that have their own check valve as an integral part of the mandrel 
to prevent liquids from entering the annulus) is that the orifice valve can be 
pulled out of the well for repair. Its main disadvantage is that they are only 
offered in large diameters that do not fit inside commonly used production 
casings.

With the introduction of coiled tubing applications, different types of 
mandrels have been developed that can be welded to the coiled tubing or 
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connected to it by means of special connections so that these mandrels can 
pass through the wellhead while running the coiled tubing in an underbal-
ance operation (which is an operation that reduces the risk of formation 
damage). The great advantages of coiled tubing completions are that their 
installation is fast, does not need big workover or completion rigs and for-
mation damage can be avoided. A concentric gas lift mandrel connected 
to a coiled tubing string is shown in Fig. 6.26. The coiled tubing above 
the mandrel has a pin connector that is coupled to a NU tubing joint. The 
lower end of the NU joint is connected to the mandrel. Below the mandrel, 
the coiled tubing has a special box connector that is coupled to the lower 
end of the mandrel. Valves installed in this way cannot be retrieved by 
wireline operations.

Fig. 6.27 shows a gas lift mandrel in which a gas lift valve is permanently 
installed. The mandrel and the valve can be spooled together with the coiled 
tubing and sent to the well site for its installation, so there is no need to stop 
running the coiled tubing in the well to install the gas lift mandrel. Gas can 
be injected down the annulus between the production tubing and the coiled 
tubing (liquid production would be up the coiled tubing) or down the coiled 
tubing (for annular liquid production). These valves cannot be retrieved by 
wireline.

Coiled tubing mandrels described so far are for tubing-retrievable valves. 
But there are mandrels (that can be welded to the coiled tubing) that are 

■■ FIGURE 6.26 Concentric mandrel connected to a coiled tubing string by special 
connectors.
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used for wireline-retrievable valves, like the one shown in Fig. 6.28. These 
mandrels are available for coiled tubing diameters of up to 3½ in.

Another type of coiled tubing mandrel that is used for wireline-retrievable 
valves is shown in Fig. 6.29. In this case, the gas lift valve is installed in-
side a valve carrier capsule, which is actually the one that is installed in the 
mandrel. The mandrel is welded to the coiled tubing. The capsule can be 
retrieved by wireline.

■■ FIGURE 6.27 Special gas lift mandrel for coiled 
tubing.

■■ FIGURE 6.28 Coiled tubing mandrel for wireline-retrievable 
valves.

■■ FIGURE 6.29 Coiled tubing mandrel for wireline-retrievable gas lift valves.



2376.3  Wireline equipment

6.3 WIRELINE EQUIPMENT
The great majority of gas lift valves used today are installed and retrieved 
by wireline operations inside the production tubing. Besides gas lift valves, 
many other downhole production tools and equipment, like tubing stops, 
plugs, standing valves, subsurface safety valves, etc., are also installed by 
wireline. A brief explanation of surface and subsurface equipments needed 
to perform most wireline jobs directly or indirectly related to gas lift opera-
tions is given next.

The most important wireline tools and equipment are: power unit; wireline 
reel; lubricators with safety valves; weight indicator; odometer (to measure 
the length of the wireline run in the well); subsurface tool string for gas lift 
valve installation and other operations; tools for related operations, such as: 
tubing end locator, tubing gauge/paraffin cutter, sand bailers, and sample 
bailers, among others.

The power unit could be an internal combustion engine or an electrical mo-
tor and its function is to transmit the energy to the fluid used by the hydraulic 
unit to drive the wireline reel. Motors are usually from 40 to 60 Hp, which 
operate at 2000 RPM. The motor is connected to a pump of around 20 GPM 
in capacity. The hydraulic fluid is usually stored in an 80 gal tank. To carry 
the power fluid to the hydraulic unit, two high-pressure hoses of about 50 ft. 
in length are used. The wireline reel is driven by the hydraulic unit coupled 
to a transmission that allows the operator to raise or lower the wireline tools 
in or out of the well. The reel has a braking system that is used by the opera-
tor to quickly reduce the velocity of the wireline as required by a normal 
installation procedure or in case of an emergency. The wireline unit has an 
odometer to measure the depth where the wireline tools are located in the 
well. This depth is known as “wireline measured depth” because it is not the 
real depth where the tools are located but the length of wireline required to 
reach a certain point in the well. The real depth of a particular point and its 
wireline measured depth are different because the weight of the tools and 
the wireline itself elongate the wireline inside the well. The wireline is usu-
ally a single solid wire, but stranded wirelines are occasionally used in jobs 
where large tension forces are expected. It is important to properly maintain 
the wireline so that it would not break. Records should be kept regarding 
the number of times the wireline has been used, as well as the duration and 
conditions of previous jobs. The service life of the wireline, as provided by 
the manufacturer, should never be exceeded.

The most commonly used solid wireline diameters in gas lift related opera-
tions are: 0.072 in. for tension forces of up to 961 lb, 0.082 in. for up to 
1240 lb and 0.092 in. for up to 1550 lb. Wirelines are usually commercially 
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available in lengths from 18,000 to 25,000 ft. For safety reasons, it is ad-
visable not to exceed a tension force of 750 lb; but, if much greater ten-
sion forces are required (for swabbing or certain fishing jobs), the following 
wireline diameters are recommended:

j 0.108 in.: for up to 2100 lb.
j 3/16 in.: for up to 4200 lb.
j 5/16 in.: for up to 8000 lb.

For these high-strength wireline diameters, the surface lubricator (which 
is used to insert the tool string into the well, see Fig. 6.30) should be able 
to contain the internal tubing pressure and they are usually somewhat dif-
ferent from the ones used for smaller wireline diameters. For CO2 or H2S 
environments, the wireline should be manufactured with special materials 
that usually resist lower tension forces or jarring operations because they are 
not as flexible as the wirelines made out of standard materials with standard 
heat treatment. Wirelines that can be used in presence of H2S are: AISI-316, 
AISI-18-18-2, or URANUS 50. When both, H2S and CO2, are present, it is 
recommended to use: URANUS B-6 for temperatures less than 200°F, and 
MP-35N for temperatures between 200 and 400°F.

The following preventive steps are recommended:

j For each 4-h service time, cut 20 ft. off the wireline at the end of the 
job.

j Crystallization tests should be conducted by bending the wire as 
indicated by the manufacturer.

j 0.082- and 0.092-in. wirelines should not be used after 250–300 
accumulated hours of service.

j 0.105-in. wireline should not be used after 300–350 accumulated hours 
of service.

j As the wireline is pulled out of the well, it should be constantly cleaned 
and oiled.

To perform any wireline job, it is necessary to be able to insert the wireline 
tool string into the well. This is accomplished by the use of a lubricator that 
is installed on top of the Christmas tree as shown in Fig. 6.30. The wireline 
tools are placed first inside the lubricator at atmospheric pressure and then 
the lubricator is coupled to the wellhead. There is an orifice at the top of the 
lubricator through which the wireline is run in or pulled out of the well. At 
that orifice, there is a sealing mechanism (stuffing box) that keeps the lubri-
cator at the wellhead production pressure when the crown valve is opened 
and the well is in communication with the lubricator. The type of lubrica-
tor to be used depends on the wireline tool diameters, wellhead pressure, ■■ FIGURE 6.30 Wellhead wireline 

equipment.
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and the type of fluids the well produces. If the oil is too viscous, it might 
be necessary to use many weight bars, so that the lubricator would have to 
be very long and a rig, instead of a gin pole, might be needed to install the 
lubricator on top of the wellhead. A safety valve is installed on top of the 
Christmas tree and its function is to close the well as fast as possible even if 
the wireline is inside the well. The internal components of the safety valve 
are designed in a way that the valve will not cut the wire when it closes. A 
½-in. valve is used to bleed the pressure off the lubricator before uncoupling 
it from the wellhead.

The weight indicator allows the operator to know the tension force on the 
wireline. The tension is transmitted from the load cell by a ¼-in. hose. 
Weight indicators are usually available from 0 to 2,000 lb or from 0 to 
10,000 lb. The latter is used in operations with 0.108-in. wirelines and 
above.

The following tools are the basic tools that should always be installed to-
gether with the rest of the tools needed for a particular job (in the order 
shown in Fig. 6.31): (a) rope socket, (b) weight bars, (c) jar, and (d) knuckle 
joint.

The rope socket is used to attach either solid or stranded wirelines to a wire-
line tool string. Three types of rope sockets are available: spool, wedge, and 
clamp, as shown in Fig. 6.32.

The weight bar shown in Fig. 6.33 is the second component in the tool string 
and it is used to add weight to the wireline tool string to counteract the force 
of wellbore pressure on the cross-sectional area of the wire and to increase 
the effectiveness of upward or downward jarring with link or tubular jars 

■■ FIGURE 6.31 Basic wireline tool string. ■■ FIGURE 6.32 Types of rope sockets. ■■ FIGURE 6.33 Weight bar.
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(shown in Fig. 6.34). The most commonly used weight bars are given in 
Table 6.1.

Jars can be classified as mechanical or hydraulic jars. Mechanical jars are 
used more often because the force they transmit is large enough to perform 
most downhole wireline jobs in the well. The two types of mechanical jars 
are shown in Fig. 6.34. Link jars consist of interlocking steel links with a 
fishing neck and a pin-thread connection on the upper end and a box-thread 
connection on the lower end. These links can be extended or collapsed by 
manipulating the wireline at the surface to produce upward or downward 
jarring. The intensity of the impact depends on the weight bars installed 
above the jar, the depth at which the jar is located, the stroke length of the 
jar, and the density of the well’s fluids.

The dimensions of most commonly used link jars are given in Table 6.2.

Tubular jars consist of a tube perforated for fluid bypass and a telescoping 
rod that moves vertically within the tube. The telescoping rod has a fishing 
neck and a pin-thread connection on the upper end, and the tube has a box-
thread connection on the lower end. They are operated in the same way link 

Table 6.1 Weight Bars Used in Gas Lift Related Wireline Jobs

Weight Bar OD
(in.)

Fishing Neck
(in.)

1–1/4 1–3/16
1–1/2 1–3/8
1–3/4 1–3/4
1–7/8 1–3/4

Table 6.2 Dimensions of Most Commonly Used Link Jars in Gas Lift 
Related Wireline Jobs

Diameter
(in.)

Completion
Tubing OD (in.)

Stroke
(in.)

Fishing Neck
(in.)

1 1–1/4 20 1
1–1/4 1–1/2 20 1.187
1–1/4 1–1/2 30 1.187
1–1/2 2 20 1.375
1–1/2 2 30 1.375
1–7/8 2–1/2 20 1.750
1–7/8 2–1/2 30 1.750

■■ FIGURE 6.34 Jars. (a) Link jar; 
(b) tubular jar.
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jars are. These jars are especially effective in fishing a wireline that broke 
and was left in the production tubing.

Hydraulic jars are used when large impacts are required, but this type of jar 
can only deliver upward jarring forces.

Knuckle joints are used to provide flexibility at specific points in the wire-
line tool string, see Fig. 6.35. They consist of a ball and socket assembly 
that has a fishing neck and a pin-thread connection on the upper end and a 
box-thread connection on the lower end. Knuckle jars, which also provide 
short jarring action, are used only in special applications, see Fig. 6.35b.

Weight bars, jars, and knuckles joints are connected to each other by the up-
per pin connections and the lower box connections common to all of them. 
All of these tools have a fishing neck so that they can be pulled out of the 
well by a conventional pulling tool in case the tool string breaks.

When a gas lift valve is run in the well, it is attached to a wireline tool 
called “running tool.” There should be a kickover tool (explained later in the 
chapter) above the running tool, which in turn should be connected to the 
basic tool string shown in Fig. 6.31. Running tools are shown in Fig. 6.36. 
Gas lift valves are usually attached to a running tool like the one shown 
in Fig. 6.36b, with the running tool pin attached to the latch of the gas lift 
valve. Once the valve is installed in the gas lift mandrel, upper jarring will 
shear the running tool pin so that the tool string can be pulled out of the well, 
leaving the gas lift valve inside the pocket of the gas lift mandrel.

Sometimes it is necessary to install components of the wireline tool string 
that have different size thread connections. In those cases, crossovers like 
the one shown in Fig. 6.37 are used. ■■FIGURE 6.35 (a) Knuckle joint; (b) knuckle jar.

■■ FIGURE 6.36 Running tools. (a) for female fishing neck; (b) for male fishing neck. ■■ FIGURE 6.37 Crossover.
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Several tools used for different purposes are shown in Fig. 6.38:

a. Paraffin scratcher: used to loosen paraffin from the tubing-string inside 
walls.

b. Wireline grab: used to retrieve broken wirelines from the tubing string.
c. Tubing gauge or paraffin cuter: used to gauge the tubing string inside 

diameter or remove paraffin. It should always be used prior to any 
wireline job to make sure the drift diameter of the tubing is large 
enough for the wireline job to be performed.

d. Sample bailer: used to retrieve samples of fluids and solids from the 
bottom of a well. Downward movement of the sample bailer forces 
well fluids and solids through the ball check valve into the bailer tube. 
The check valve retains the sample inside the bailer tube.

e. Tubing end locator: used to determine the depth of either the bottom 
of the tubing or a break in the tubing. The spring-loaded finger is 
compressed within the body until the tool is lowered just past the 
bottom of the tubing. The finger then rotates outward against the shear 
pin. As the tool is retrieved, the finger catches on the end of the tubing 
and registers an increase on the surface weight indicator to indicate the 
depth. Continued upward pull shears the pin and compresses the finger 
to allow the tool to be retrieved. They are most of the time used in 
combination with sample bailers.

f. Tubing swage: used to force out constricted areas in the tubing string.
g. Blind box: used to deliver downward jarring blows on equipment or 

debris downhole.

■■ FIGURE 6.38 Commonly used wireline tools.
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h. Impression blocks: used to take impressions of objects in the tubing 
string. Impression blocks consist of a steel housing and a molded lead 
insert held in the lower end by steel pins. They are usually used during 
fishing operations to obtain the shape and position of the object being 
retrieved.

The steps and required wireline equipment to retrieve or install a gas lift valve 
are described next. The following activities should be performed before doing 
any wireline job in the well: (1) gauge the production tubing to verify that no 
restrictions are present; and (2) measure the total depth of the well. The total 
depth of the well should be checked to determine if sand has accumulated at 
the bottom, partially or totally blocking the perforations. This is carried out by 
running in the well the basic wireline tool string plus a tubing end locator and 
a sample bailer at the end of the tool string. The tubing end locator is neces-
sary to get the wireline measured depth of the end of the tubing and compare 
it to its actual depth from the well’s file. This allows the operator to correlate 
the measured total depth of the well to its actual value and verify that the well 
is clean; otherwise, it would not be possible to estimate the actual total depth 
of the well. An additional step that might be of interest before doing the re-
quested wireline job is to try to measure the liquid level found in the well. This 
could be done by detecting sudden changes in wireline tension and/or velocity 
as the tool string is carefully run in the well.

Once these previous steps have been successfully completed, a tubing stop 
should be installed below the last gas lift mandrel where a gas lift valve is 
going to be installed. This is done to avoid dropping a gas lift valve, or any 
wireline tool, to the bottom of the well (below the tubing end) if the gas lift 
valve, or the wireline tool string, breaks free. The tubing stop should be in-
stalled in a collar recess or a landing nipple, always below the liquid level (to 
provide a damping force for free falling objects). If a complete valve change 
out is going to be performed, all the valves are first removed from the well, 
starting from the deepest one until the upper one is retrieved and then the 
new valves are installed in the reverse order (starting from the one closest to 
the surface). Before retrieving the first valve, the wellhead production and 
surface casing pressures must be equalized. If the pressures are not equal, it is 
possible to blow the tool string up the tubing when the first valve is removed 
from the mandrel, tangling the wireline and making it difficult to retrieve. 
The wellhead pressures can be equalized using a high-pressure hose to con-
nect the casing to the tubing. To retrieve a gas lift valve, the basic tool string 
is run in the well with a kickover tool and an appropriate pulling tool attached 
to it. The kickover tool, as well as the running or pulling tools are shown in 
Figs. 6.39–6.41 for mandrels with orienting sleeve, or in Figs. 6.42 and 6.43 
for mandrels without orienting sleeve. Just before reaching the mandrel, the 
tool string is suspended for a moment to verify the wireline tension without 

■■ FIGURE 6.39 Kickover tool required for 
mandrels with orienting sleeve.
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the valve attached to the tool string. This tension will be compared to the 
final tension at the same depth after completing the operation to verify that 
the valve has been pulled out of the mandrel.

If a kickover tool for orienting sleeve is used, the following steps are taken 
to retrieve a gas lift valve, see Fig. 6.41:

j Lower the tool string below the selected mandrel.
j Slowly raise the tools through the mandrel until they stop, indicating 

the locating finger in the kickover tool has contacted the top of the slot 
in the orienting sleeve of the mandrel.

j By pulling the wireline, increase the tension on the wireline to a certain 
value greater than the initial tension (before pulling it). The required 
increase in tension depends on the kickover tool being used. For an 
OM kickover tool model, for example, the recommended tension 
increase is a force of approximately 150 lb. The kickover tool will 
release and kick the pulling tool over into position above the side 
pocket in the mandrel.

j Slowly lower the tools until the tension decreases, indicating that 
the kickover tool has kicked over and located the side pocket of the 
mandrel (no weight loss means the kickover tool did not release to the 

■■ FIGURE 6.40 Running the valve in the well. ■■ FIGURE 6.41 Pulling the valve out of the well.
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kicked over position and the kickover tool must be raised again to try 
to release it).

j Jar downward to secure the pulling tool to the running head (latch) of 
the valve.

j Jar upward to pull the valve from the side pocket of the mandrel (if it is 
not possible to pull the valve, downward jarring will shear a pin in the 
pulling tool, releasing it from the valve so that the tool string can now 
be pulled out of the well).

j As the kickover tool is pulled upward through the mandrel, the locating 
finger will stop in the slot of the orienting sleeve. Sharp upward jarring 
will shear a pin in the locating finger to allow the kickover tool to pass 
through the mandrel.

If a kickover tool for mandrels without orienting sleeve is used, the follow-
ing pulling procedure is executed, see Fig. 6.43:

j Lower the tool string through the tubing until the kickover tool is 
below the selected mandrel.

j Pull the kickover tool up rapidly until the tool passes through the 
selected mandrel. Stop when the tool is just above the selected mandrel.

■■ FIGURE 6.42 Running the valve in the well. ■■ FIGURE 6.43 Pulling the valve out of the well.
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j Lower the kickover tool through the mandrel until a loss of weight 
indicates that the kickover tool has kicked over and has located the side 
pocket of the mandrel.

j Jar downward to secure the pulling tool to the valve latch.
j Jar upward to pull the valve from the side pocket of the mandrel (if it is 

not possible to pull the valve out of the side pocket, heavy downward 
jarring will shear a pin in the pulling tool, releasing the pulling tool 
from the valve).

j Remove the wireline tool string from the well.

Sometimes it is not possible to pull the valve out of the side pocket of the 
mandrel and actions, like chemical injection right on top of the latch by 
means of dump bailing tools or removing debris from the latch area using 
sand bailing, are required. A valve might get stuck for several reasons: as-
phaltene or carbonate deposition, sand accumulation, etc.

Running (installing) procedure when kickover tools for orienting sleeves 
are used is as follows, see Fig. 6.40:

j Lower the tool string until the kickover tool is below the selected 
mandrel.

j Slowly raise the tools through the tubing until they stop, indicating that 
the locating finger in the kickover tool has contacted the top of the slot 
in the orienting sleeve of the mandrel.

j By pulling the wireline, increase the tension on the wireline to a certain 
value greater than the initial tension (before pulling it). The required 
increase in tension depends on the kickover tool being used. For an 
OM kickover tool model, for example, the recommended tension 
increase is of approximately 150 lb. The kickover tool will release and 
kick the valve over into position above the side pocket in the mandrel.

j Slowly lower the tools until a weight loss registers on the weight 
indicator, meaning that the kickover tool has kicked over and located 
the side pocket of the mandrel. No weight loss indicates that the 
kickover tool did not release to the kicked over position and it should 
be raised again.

j Jar downward to drive the valve into the side pocket of the mandrel.
j Jar upward. This releases the running tool from the latch and gives a 

positive indication that the latch and valve are firmly locked in the side 
pocket of the mandrel.

j The tool string can now be removed from the well. As the kickover tool 
is pulled upward through the mandrel, the locating finger will stop in the 
slot of the orienting sleeve. Sharp upward jarring will shear a pin in the 
locating finger to allow the kickover tool to pass through the mandrel.
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If the mandrel does not have an orienting sleeve, the following running pro-
cedure must be followed, see Fig. 6.42:

j Lower the tool string through the tubing until the kickover tool is 
below the selected mandrel.

j Pull the kickover tool up rapidly until the tool passes through the 
selected mandrel. Stop when the tool is just above the selected 
mandrel.

j Lower the kickover tool through the mandrel until a loss of weight 
indicates that the kickover tool has kicked over and has located the side 
pocket of the mandrel.

j Jar downward to drive the valve into the side pocket of the mandrel.
j Jar upward to release the running tool from the valve latch, giving the 

operator a positive indication that the latch and the valve are locked in 
the side pocket of the mandrel.

j Remove the wireline tool string from the well.

Once the deeper valve (which should be the last one to install) has been in-
stalled, the tubing stop should be pulled out of the well and the lubricator re-
moved from the wellhead. The well should then be unloaded following the 
procedure described in chapter: Design of Continuous Gas Lift Installations, 
for which the valves at the injection manifold, wellhead, and flow station 
should be opened and properly aligned to start the unloading of the well.

There are new kickover tools that can be used to retrieve the old valve and 
install a new one in just one wireline trip. These tools can save precious time 
(especially in large-production-rate wells). Longer lubricators, installed on 
top of the wellhead, are required for these new kickover tools.

The following unwanted tubing-annulus communications can take place in 
wells producing on gas lift:

1. Injection gas leaks through holes or tubing couplings in the tubing 
string.

2. Damaged circulating sleeves which, for some unexpected reason like 
sand depositions, cannot close.

3. Gas lift mandrels with damaged gas lift valves that cannot be retrieved 
because they are stuck inside the side pocket or they are installed in 
conventional (tubing retrievable) mandrels.

For these problems, there might be a solution that does not require the pro-
duction tubing string to be pulled out of the well to seal these unwanted 
tubing-annulus communications. For example, the so-called “packoff com-
pletions” can be used to isolate any unwanted tubing–annulus communica-
tion or to control the injection gas flow rate through an unintentional (or 
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intentional) tubing–annulus communication. The reason why packoff com-
pletions are presented here is because they can be installed and retrieved by 
wireline procedures. Fig. 6.44 shows a packoff assembly that was specifi-
cally installed to allow a controlled gas injection flow into the tubing. The 
lower collar stop is set by wireline first. The tubing is then perforated (if the 
communication is done intentionally) using a special tool (tubing punch). 
Finally, the entire upper assembly (bottom packoff, gas lift mandrel and 
valve, upper packoff, and upper tubing stop) can be run in the well with just 
one wireline trip. This type of wireline job might require the installation of 
a rig at the wellhead because the lubricator might need to be very long to 
accommodate the packoff assembly. The packoff assembly shown in the 
figure has a collar-recess stop which can only be installed in API tubing. For 
other types of tubing strings, a slip type stop might be needed. The upper 
and lower packoff seals force the gas to enter the tubing only through the 
gas lift mandrel. The gas lift valve installed in this way could be used to help 
unload the well to a deeper point of injection or to be the actual point of in-
jection when the well is in normal operation. In fact, more than one point of 
injection can be installed in a well following this technique (the deeper one 
for the operating point of injection and the others as unloading gas injection 
points). Fig. 6.44 shows a gas lift mandrel in which the valve is installed 
inside the tubing as shown in Fig. 6.17d, but the most popular type of gas 
lift mandrel installed in packoff completions is the one shown in Fig. 6.17c. 

■■ FIGURE 6.44 Packoff gas lift assembly.
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Gas lift valves of ⅝-in. or 1-in. OD are usually installed in packoff gas lift 
mandrels. There are some packoff-mandrel models, like the ones shown in 
Fig. 6.17c or d, in which not just one but two gas lift valves can be installed 
(providing more gas flow rate capacity at the expense of restricting the liq-
uid flow rate through them).

A tubing joint that completely isolates the hole in the production tubing 
could also be installed between the upper and lower packers if a gas injec-
tion point is not needed at that depth. This is usually done in offshore wells 
or in very deep wells in general, that are very expensive to repair when an 
unwanted tubing-annulus communication, possibly caused by corrosion of 
the tubing string, appears.

A well on natural flow that can no longer produce (or its production has 
seriously declined) because its reservoir pressure has declined or the water 
cut has increased, could temporarily increase its liquid production on gas 
lift by installing a packoff assembly as shown in the Fig. 6.44. In this case, 
due to the fact that the reservoir pressure might still be high enough to be 
able to increase the liquid production using a shallow point of injection, a 
single point of injection might be a solution (while waiting for a workover 
rig to pull out the tubing string and run a gas lift completion in the well). In 
this case, the location of the perforated hole in the production tubing must 
be carefully calculated because the available gas injection pressure should 
be able to overcome the hydrostatic pressure of the liquid column that is 
generated when the liquids in the annulus are displaced by the injection gas 
into the tubing during the unloading operation. There are three ways of ap-
proaching this calculation:

1. The most conservative (safe) way of calculating the depth of the point 
of injection is to assume that the reservoir will not be able to absorb 
the liquid column that is generated after the liquids from the annulus 
are displaced into the tubing. In this case, it should be kept in mind 
that the volumetric capacity of the annulus is much greater than the 
volumetric capacity of the tubing; therefore, the liquid column length 
that is generated in the tubing is much greater than the change in depth 
of the annular liquid level. For that reason, the point of injection is not 
going to be very far down below the static liquid level. This might not 
be very efficient because the injection point could be too high up in the 
well.

2. The point of injection is calculated assuming that the reservoir will 
absorb the entire liquid column that is generated after the fluids in the 
annulus are displaced by the injection gas into the tubing. In this case, 
the gas is injected into the annulus until line pressure is achieved at 
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the wellhead. Then, it might be necessary to wait for several hours or 
days until the liquid level in the tubing descends to the static reservoir 
liquid level. With this procedure, the single point of injection is located 
as far down as possible, but it might not be a good solution: the gas 
pressure might not be sufficiently high to overcome the tubing pressure 
(if the data used in the calculations are slightly inaccurate) or it might 
be necessary to wait for a very long time to uncover (reach) the tubing–
annulus communication. If the well does not produce sand and the 
fluids in the annulus do not cause formation damage, the waiting time 
could be reduced by injecting high-pressure gas into the tubing (on top 
of the liquid column) to force the liquid into the formation and be able 
to start liquid production sooner.

3. It might be a better solution to locate the tubing perforation somewhere 
in-between the two extremes just described. In this way, the point of 
injection might not be as deep as it could be, but the chances of being 
able to produce the well are increased.

6.4 TYPES OF COMPLETIONS FOR GAS LIFT 
INSTALLATIONS
Several types of completions that are currently used in gas lift installations 
are described in this section, together with their advantages and disadvantages 
and the operational conditions for which each of them is specifically suited.

6.4.1 Single completions
Fig. 6.45 shows the type of completion most frequently found in gas lift 
wells. This completion is called “semiclosed” because it has a packer that 
isolates the injection gas in the annulus but it does not have a standing valve 
installed at the bottom of the production tubing. Semiclosed installations 
can be used to produce the fluids up the tubing on continuous or intermit-
tent gas lift. The gas lift valves could be wireline or tubing retrievable. The 
production tubing inside diameter should be adequate for the production 
flow rate. For continuous flow, a very small tubing diameter might restrict 
the liquid flow; however, if the diameter is too large, it might be necessary 
to have a very large injection flow rate to produce the well in a stable man-
ner. For intermittent gas lift, very small-diameter tubing implies very small 
liquid volume lifted per cycle, for which a high cycle frequency is required, 
thereby increasing the injection gas/liquid ratio; however, if the tubing di-
ameter is too large, the fallback losses might be very large because it would 
be necessary to inject the lift gas into the tubing at a very high flow rate to 
impart the liquid column an adequate velocity so that the gas will not bubble 
through the liquids.
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Fig. 6.46a shows an open completion (does not have a packer). This type 
of completion should not be used in gas lift installations because of the 
problems it creates:

j Formation fluids might damage the casing.
j The well could operate in an unstable manner because any change in 

the injection pressure induces a change in the annular liquid level.

■■ FIGURE 6.45 Typical completion of a gas lifted well.

■■ FIGURE 6.46 Completions for gas lift wells with tubing liquid production.
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j The annular liquid level should not reach the end of the tubing string 
because if it does, it could cause a considerable increase in the gas flow 
rate into the tubing that will make the injection pressure drop very fast 
and once the injection pressure is low, the reservoir pressure will be 
able to rapidly generate a new liquid column in the annulus until it is 
overcome again by the gas injection pressure (that has been increasing 
during this period because the surface gas injection flow rate has been 
maintained) to indefinitely repeat the injection cycle. Large liquid slugs 
produced in this way could increase the injection gas/liquid ratio, create 
serious problems at the flow station, and promote formation damage.

j Because the annular liquid level should be maintained between 
the point of injection and the end of the production tubing, it is not 
possible to decrease the bottomhole flowing pressure to its minimum 
possible value and, in consequence, the well cannot produce at its full 
potential.

j Every time gas injection into the well’s annulus needs to be 
interrupted, it might be necessary to partially unload the well to start 
the well producing again. This could erode the deeper gas lift valves 
installed in the well.

Fig. 6.46b represents a closed completion because it has the production 
packer and a standing valve at the bottom of the tubing. This type of com-
pletion is used in intermittent gas lift operation, although the standing valve 
is not always necessary to produce the well on intermittent gas lift. If the 
point of injection is close to the formation, there is no sand production, and 
the injectivity of the well is small, standing valves are not necessary. But if 
the operating injection point is far from the formation and the liquid column 
below the injection point has a high gas content, then it is very important to 
install a standing valve just below the gas lift operating valve, otherwise a 
great percentage of the gas injection energy will be spent in compressing the 
gas–liquid column in the tubing below the point of injection.

Fig. 6.46c shows a completions for wells in which the casing cannot with-
stand the high gas injection pressures or the injection gas is highly corrosive 
and should not contact the casing. In these situations, the gas is injected 
down a smaller diameter side pipe. The mandrel to be used in this type of 
completion is the one shown in Fig. 6.19d. When doing design calculations 
for this type of completion, it is very important to take into consideration the 
friction pressure drop along the parallel injection pipe. These pressure loss-
es, and the fact that the high-pressure gas-storage volume is reduced, make 
this type of completion inadequate for choke-control intermittent gas lift, as 
explained in chapter: Design of Intermittent Gas Lift Installations (intermit-
tent gas lift can only be implemented if surface intermitters are installed).
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Fig. 6.47 represents a well that might have been producing on natural flow 
and it became necessary to inject gas to maintain the well producing at the 
desired liquid flow rate. Instead of pulling the completion out of the well 
and installing a gas lift completion, it might be temporarily convenient to 
simply punch a hole in the tubing and install a packoff assembly like the 
one shown in Fig. 6.44 in the previous section. Note that the annular liquid 
level is well below the point of injection (at the equilibrium point) and not 
just below it, as it would be if the well had a packer installed to isolate the 
annulus from the reservoir’s fluids.

The depth of the point of injection must be calculated taking into account 
the available gas injection pressure at the surface. To increase the lifting ef-
ficiency, it is necessary to inject the gas as deep as possible. Several choices 
of calculating the point of injection for packoff installations are presented at 
the end of the previous section.

With the depth calculated by assuming that the reservoir will absorb the 
liquid column that is generated in the tubing when the fluids in the annulus 
are displaced into the tubing, it is not possible to quickly initiate liquid pro-
duction because it is necessary to wait for the reservoir to absorb the liquids 
until the liquid level in the production tubing descends to the reservoir static 
liquid level. Even though it might take hours or days to start production, 
the injection point depth will be as deep as the injection pressure allows it 
to be. The waiting time can be reduced by following the recommendations 
indicated at the end of the previous section.

Fig. 6.48 shows several alternatives that can be used to inject the lift gas 
down the production tubing string and produce the liquids up the annu-
lus. Mandrels for all of these completions could be the usual ones shown 
in Fig. 6.19a, or the ones specially designed for annular flow shown in 
Fig. 6.19c. Annular production is not recommended if the production fluids 
might damage the casing. It should also be pointed out that annular flow 
could be highly unstable if the well is not capable of producing at a liquid 
flow rate high enough to maintain a stable flow pattern (a very high injection 
gas/liquid ratio will then be necessary to stabilize the operation of the well). 
When the pressure losses in the tubing are very large, it might be advisable 
to produce the well in annular flow. Nodal analysis might be used to decide 
if the well is capable of sustaining annular flow but only as a rough approxi-
mation because multiphase flow correlations for annular flow are still in a 
developing stage. Fig. 6.48c shows a completion that can be used for both, 
annular or tubing flow. The well could initially produce on annular flow and 
then, when the reservoir pressure has declined, it can be produced on tubing 
flow (it is better not to use mandrels specially designed for annular flow for 

■■ FIGURE 6.47 Packoff completion.
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this type of completion). Completions shown in Fig. 6.48a, b have the ad-
vantage of being able to lower the point of injection below the perforations, 
which is a good option if the perforated interval (or the rat hole) is very long.

Fig. 6.49 shows a completion that is simply known as an “accumulator.” This 
completion is recommended for intermittent gas lift wells that would other-
wise be good candidates for accumulation chambers if it were not for the high 
formation gas/oil ratio they produce. Accumulation chambers are described 
in Section 6.4.3. The size of the accumulator should be approximately 20% 
smaller than the length of the liquid column when the well is producing at 
the optimum injection frequency, so that it will be acceptable for future lower 
reservoir pressures (the optimum injection frequency gives the cycle time 
for which the daily liquid production is maximized). The inside diameter 
of the accumulator should not be very large to prevent large liquid fallback 
losses, as explained in chapter: Design of Intermittent Gas Lift Installations. 
Another reason for not having an accumulator with a very large inside diam-
eter is to avoid very long liquid columns (generated when all the liquid has 
entered the smaller diameter production tubing located above the accumula-
tor) that might be hard, or even impossible, to lift. Accumulators have the 
disadvantage of possessing smaller volumetric capacities, as compared to 
accumulation chambers, but they allow the formation gas to be vented to the 
surface more easily than in accumulation chambers. It is advisable to install 

■■ FIGURE 6.48 Completions for annular flow.
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two or three tubing joints (of a smaller diameter) between the deepest gas 
lift mandrel and the lower end of the accumulator, not only to have a gas lift 
mandrel of smaller diameter at the injection point, but also to allow the liq-
uids to acquire a velocity greater than zero when the injection gas enters the 
accumulator, preventing in this way the large fallback losses that take place 
when trying to accelerate a liquid slug in a large-diameter tubing.

6.4.2 Gas lift as a backup method for electric 
submersible pumps
Electric submersible pumps are usually installed as the only artificial lift 
method in an oil well. There are oil fields in which gas lift and submers-
ible pumps coexist but they are applied separately to each well. The wells 
with higher liquid production and lower formation gas/oil ratios are usually 
selected to be produced with electric submersible pumps; however, in some 
places, the completion is designed for both types of artificial lift methods 
because lift gas is readily available. The idea is to use gas lift as a backup 
method in case the pumping system fails. In this way, as soon as the well can-
not produce on submersible pump, production is quickly started on gas lift 
while arrangements are made to fix the problem with the pumping system, 
which is a process that might take several weeks (or even months in remote 
places) to accomplish. It has been demonstrated that producing the well on 
electric submersible pump while injecting gas at the same time does not in-
crease the efficiency of the lifting process. However, there are situations in 
which simultaneous application of both lifting methods represents a good 

■■ FIGURE 6.49 Simple-type accumulator.
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engineering solution (eg, in a well where the required pump will not fit inside 
the casing, the same liquid flow rate can be obtained with a smaller pump 
and the help of aerating the tubing pressure using gas lift above the pump).

The completion shown in Fig. 6.50 is recommended only if the reservoir pres-
sure is sufficiently large so that the distance between the operating point of 
injection and the circulating sleeve is long enough to keep the liquid level from 
reaching the circulating sleeve. If the circulating sleeve is too close to the gas 
lift mandrel, it is possible that the injection gas enters the circulating sleeve 
causing serious instability problems. This is the best completion for venting the 
formation gas to the surface when the pump is working, but the worst comple-
tion for gas lift. The injection point cannot be as deep as possible and, being an 
open completion, it tends to be more unstable. The liquid level in the annulus 
will be at the equilibrium point and it should be carefully calculated so that it 
would be located between the gas lift mandrel and the circulating sleeve.

It can be seen in the pressure–depth diagram shown in Fig. 6.50 that the an-
nular and tubing pressures are equal at the circulating sleeve. Above the cir-
culating sleeve, the liquid gradient in the annulus (as shown in the figure for 
didactical purposes) is lighter (more vertically inclined) than in the tubing, 
but in reality they are usually very similar. The annular liquid level is the in-
tersection point of the liquid and gas pressure curves in the annulus. A slight 
increment in the surface injection pressure could make the liquid level reach 
the circulating sleeve and the well might begin producing in an unstable 
manner. To avoid gas injection through the circulating sleeve, the produc-
tion pressure should be accurately estimated using nodal analysis. With the 
tubing pressure and the injection pressure at depth, the pressure drop across 

■■ FIGURE 6.50 Open completion (well producing on gas lift).
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the gas lift valve (∆P) can be calculated. The pressure drop across the valve 
is in turn used to precisely calculate the diameter of the injection orifice to 
be used so that the liquid level stays above the circulating sleeve.

If the well is a good producer, capable of sustaining stable annular liquid 
production, a better choice is to use the completion shown in Fig. 6.50 but 
with the necessary modifications to inject the lift gas down the tubing and 
produce the liquids up the annulus as shown in Fig. 6.51, which is an alter-
native that has the advantage of not needing a packer to isolate the annulus 
(it is recommended to use mandrels specially designed for annular flow for 
this type of operation).

Fig. 6.52 shows a completion that allows the formation gas to be vented 
through the circulating sleeve installed above the special production packer. 
The standing valve above the circulating sleeve closes when the pump is 
turned on because the liquids coming from the pump are at a higher pressure. 
To produce the well on gas lift, the plug should be removed by wireline 
tools and the circulating sleeve needs to be closed. The point of injection 
can be located as deep as possible without having the typical instability 
problems present in open completions. Fig. 6.53 shows a completion that is 
basically the same as the one shown in Fig. 6.52, but with different equip-
ment; a plug is installed instead of a standing valve when the well is on sub-
mersible pump. When the well is produced on gas lift, a packoff assembly 
could sometimes be used to isolate the pump but it is usually not required.

Fig. 6.54 shows an alternative in which a flapper valve is used. This valve 
is open only when the pump is in operation because it opens by the high 

■■ FIGURE 6.51 Open completion (well 
producing on gas lift with gas injection 
through the production tubing).

■■ FIGURE 6.52 Completion with special packer and check valve.
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pressure from the pump’s discharge. The wireline jobs to be performed are 
fewer in this case; however, a wireline job is required to close the circulat-
ing sleeve and start the well producing on gas lift.

Fig. 6.55 shows a much simpler completion in which the pump produces 
directly to the annulus above the special production packer. When the well 
is produced on gas lift, the annulus is unloaded and gas is injected down the 
annulus as in a standard gas lift well. If the pump outside diameter is too 

■■ FIGURE 6.53 Completion with special packer and tubing plug.

■■ FIGURE 6.54 Completion with special packer and flapper valve.
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large, the long, perforated tail pipe (tubing string below the packer) might 
not be installed (this pipe is only useful to promote gas–liquid separation 
when the pump is in operation).

Fig. 6.56 shows a completion that has the advantage of using a simple pack-
er instead of a special one. When the pump is in operation, the formation 
gas is vented up a coiled tubing installed inside the production tubing with 

■■ FIGURE 6.55 Pump producing directly to the annulus.

■■ FIGURE 6.56 Formation gas vented through a central coiled tubing installation while 
the pump is in operation.
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its lower end connected to a crossover seat. The fluids being pumped simply 
go around the coiled tubing connection on their way to the surface. When 
the well’s lifting method is shifted to gas lift, the coiled tubing is unseated 
and neither gas nor liquids need to pass through it.

6.4.3 Accumulation chambers
Fig. 6.57 shows a double-packer accumulation chamber. Fluids from the 
formation enter the annular volume, enclosed between the two packers, 
through a perforated nipple located right above the lower packer. As the 
liquid level rises in the accumulation chamber’s annulus, the gas trapped 
below the upper packer is vented to the production tubing through a bleed 

■■ FIGURE 6.57 Double-packer 
accumulation chamber.
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valve located right below the upper packer. The orifice diameter of the bleed 
valve should be large enough to allow all the gas trapped in the annulus to 
be vented as fast as possible, otherwise the liquid level in the dip tube will 
rise faster than the liquid level in the annulus. The bleed valve is usually 
a differential valve, although sometimes orifice valves of small diameters 
are used. In choke-control operations (without the use of surface intermit-
ters, as explained in chapter: Design of Intermittent Gas Lift Installations) 
as the chamber is being filled with liquids, the lift gas at the surface is in-
jected into the annulus above the upper packer, so that the injection annular 
pressure increases. The moment the liquid level in the chamber reaches the 
bleed valve should coincide with the injection pressure in the annulus reach-
ing the opening pressure of the gas lift valve installed in the mandrel right 
above the upper packer. When the gas lift valve opens, high-pressure gas 
enters the upper part of the chamber, pushing the liquids downward and 
through the perforated nipple into the dip tube and from there to the surface. 
While gas is being injected, the standing valve located below the perforated 
nipple and the bleed valve are both closed. The distance between the stand-
ing valve and the perforated nipple should be long enough to accommodate 
the wireline tools needed to perform downhole pressure and temperature 
surveys as described in chapter: Intermittent Gas Lift Troubleshooting. This 
implies setting the lower packer as close as possible to the top of the per-
forations but the entrance of the production tubing could be located several 
feet below the lower packer. The standing valve should be located just above 
the entrance of the production tubing so that the pressure and temperature 
sensors can be placed between the standing valve and the lower packer. The 
perforated nipple should be located above the lower packer but as close as 
possible to it. Especial designs for the location of the standing valve and 
the entrance of the liquids into the annulus through the perforated nipple 
to handle sand and/or formation gas are shown in Figs. 10.5 and 10.31 in 
chapter: Design of Intermittent Gas Lift Installations.

In most cases, the injection gas/liquid ratio can be reduced in wells produc-
ing on intermittent gas lift by installing an accumulation chamber. This is 
due to the following factors:

1. For a given reservoir pressure, accumulation chambers allow the 
formation of larger liquid slugs at each cycle.

2. The increase in volume of gas injected per cycle needed to lift larger 
slugs is not as pronounced as the increase in the volume of liquid 
produced per cycle.

3. Since fewer cycles per day are needed when an accumulation chamber 
is installed, less time is spent injecting gas into the tubing to produce 
the liquid slugs.
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Fig. 6.58 shows that with or without a chamber installed in the well the final 
bottomhole pressure is the same but the final accumulated liquid volume is 
much greater if a chamber is installed. The problem is that the time needed 
to fill the chamber with liquids is also greater than the time needed to gener-
ate a liquid column in a simple type completion. This is the reason why ac-
cumulation chambers usually do not increase the daily liquid production in 
a considerable manner, unless the productivity index is so large that it would 
take a very short time to fill the entire accumulation chamber with liquids.

Double-packer accumulation chambers have the greatest volumetric capac-
ity of all types of accumulation chambers. But these chambers are not rec-
ommended when the formation gas/liquid ratio is very large because the 
annulus could be filled with liquids with high gas content that might be diffi-
cult to vent. On the other hand, if the well produces sand it might be difficult 
to pull the completion out of the well if needed. In any case, accumulation 
chambers in general are more complex completions that increase the pos-
sibility of mechanical failures. The operating valve of the completion shown 
in Fig. 6.57 is installed in a specially designed mandrel for chamber comple-
tions. The gas exits the gas lift valve into a snorkel that directs the flow 
through the upper bypass packer and into the chamber annulus. The snorkel 
is usually a pipe of 0.5 in. in diameter. Valves installed in these mandrels 
cannot have lower integral latches in most cases. Fig. 6.19b shows the usual 
cross-section of the mandrels that are installed above the upper packer.

It is also important to know that the operating valve cannot be used to unload 
the well. For example, if the mandrel spacing calculation procedure indicates 
that an unloading valve should be located right above the upper packer, then 
the operating valve should be installed above the upper packer and the un-
loading valve should be installed 30–60 ft. above the operating valve. If the 

■■ FIGURE 6.58 Bottomhole flowing pressure and accumulated volume of liquid per 
cycle diagrams (with and without accumulation chambers).
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operating valve is also used as an unloading valve (as it is done for simple type 
completions), then the operating valve should be able to unload the fluids lo-
cated above the chamber and inside of it at the same time, which would require 
an injection pressure that might be larger than the available injection pressure.

The optimum size of an accumulation chamber for a particular well (the 
size that maximizes the well’s daily liquid production) might not be possible 
to be properly operated because the available injection pressure might not 
be large enough. Once the fluids enter the production tubing above the ac-
cumulation chamber, the liquid column that is generated might be so large 
that a very high hydrostatic pressure would need to be overcome to lift the 
fluids at an acceptable velocity (as explained in chapter: Design of Intermit-
tent Gas Lift Installations, large liquid fallback losses are obtained when 
the slug velocity is very low). On the other hand, this high hydrostatic pres-
sure might also open an unloading valve as the liquid slug travels to the 
surface making the lifting process less efficient. In these cases, it is better to 
have shorter accumulation chambers that will be fully filled with liquids (in-
stead of having long accumulation chambers that can only be partially filled 
with liquids, which is something that will increase the injection gas/liquid 
ratio because the entire chamber needs to be filled with high-pressure gas to 
produce the liquid slug at each cycle). If the reservoir pressure is expected to 
decrease, it is also recommended to install accumulation chambers of sizes 
that are shorter than their current optimum lengths.

Fig. 6.59 shows a pressure–depth diagram with the conditions that take 
place as the accumulation chamber is being filled with liquids. As it can 
be appreciated in the diagram, the liquid levels in the annulus and in the 

■■ FIGURE 6.59 Gas and liquid pressure profiles along a chamber installation as it is 
being filled with liquids.
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dip tube are different because of the pressure drop across the bleed valve. 
Fig. 6.60b shows what could happen if the orifice diameter of the bleed 
valve is very small: a slight increment in the pressure drop across the bleed 
valve causes a considerable difference between the liquid levels in the an-
nulus and in the dip tube. On the other hand, Fig. 6.60c shows what happens 
if the well produces too much gas. The gas separation that takes place as the 
liquids enter the annulus could make the pressure gradient in the dip tube 
be much smaller than the gradient in the annulus so that, even with a small 
pressure drop across the bleed valve, the difference between the liquid levels 
in the annulus and in the dip tube could be very large.

In the installation of double-packer accumulation chambers, once the setting 
depth has been reached and the lower packer is set, setting down several 
thousands pounds of tubing weight onto the upper packer (known as the 
bypass packer) will shear the bypass-packer shear pin and compress its rub-
ber seals against the casing wall. Additional tubing weight is then placed on 
the bypass packer to complete its installation. To retrieve the chamber, it is 
usually only necessary to pull the tubing string upward to allow the seals of 
the bypass packer to return to their original position. If rotation of the tubing 
is necessary to release the lower packer, rotation may be achieved through 
most bypass packers. Once the lower packer is released, the entire installa-
tion can be pulled out of the well.

Fig. 6.61 shows an inserted accumulation chamber. This type of accumula-
tion chamber is recommended if the perforated interval (or the rat hole) is 
very long. In this type of completion, the fluids inside the accumulation 

■■ FIGURE 6.60 Effect that the bleed valve orifice size and the liquid pressure gradients 
have on the difference between the liquid levels in the annulus and in the dip tube.
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chamber do not exert any pressure on the formation. These accumulation 
chambers can achieve the lowest possible bottomhole flowing pressures. 
For these reasons, inserted accumulation chambers always increase the liq-
uid production, independently of the value of the productivity index. Insert-
ed accumulation chambers also reduce the injection gas/liquid ratio for the 
same reasons explained earlier for double-packer accumulation chambers.

As explained for double-packer accumulation chambers, for inserted ac-
cumulation chambers the operating valve cannot be used as an unloading 
valve. Also, care should be taken to avoid the formation of large liquid 
columns in the tubing (above the packer) that might be difficult to lift or that 
might open an unloading valve.

Two gas bleed valves are required, one for the internal annulus of the insert-
ed accumulation chamber itself and another one for the gas–liquid mixture 
between the casing and the inserted accumulation chamber. The accumu-
lation chamber gas bleed valve could be a differential valve or a small-
diameter orifice valve. The calculation of the size of the bleed valve port is 
explained in chapter: Design of Intermittent Gas Lift Installations.

The formation gas bleed valve (right below the packer) requires a more pro-
found explanation. Due to the fact that an inserted accumulation chamber 

■■ FIGURE 6.61 Inserted accumulation chamber.
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behaves like a gas–liquid separator, in which liquids enter the accumula-
tion chamber through the lower chamber inlet and the gas tends to travel 
upward and enters the tubing string through the formation gas bleed valve, a 
complex multiphase flow pattern takes place in the annulus between the cas-
ing and the accumulation chamber. Due to the formation gas, the pressure 
gradient in the annulus (between the casing and the inserted accumulation 
chamber) is smaller than the pressure gradient of the fluids that accumu-
late at the bottom of the accumulation chamber. This difference in pressure 
gradient forces the lower standing valve to close at the early stages of the 
liquid accumulation period. From that moment on, all gas and liquids com-
ing from the formation must be handled by the formation gas bleed valve 
located between the packer and the accumulation chamber. For this reason, 
the formation gas bleed valve should be designed to handle multiphase flow 
and not just single-phase gas flow. Instead of a typical bleed valve for the 
formation gas, it is better to install a large diameter check valve. This valve 
will allow the flow of gas and liquids from the formation when the lower 
standing valve closes, but it should close as soon as the operating gas lift 
valve opens and high-pressure gas enters the chamber to produce the ac-
cumulated liquids. At the early stages of the liquid accumulation period, the 
liquids enter the chamber through the lower standing valve until this valve 
closes. Then, the liquids that enter the tubing through the upper check valve 
(above the chamber) drop to the bottom of the chamber, filling the chamber 
with liquid from above while the formation gas is vented upwardly toward 
the wellhead. The pressure–depth diagram that explains this process is very 
similar to the one used for the “inserted accumulator” that is presented at the 
end of this section, see Figs. 6.71 and 6.72.

As with double-packer accumulation chambers, inserted accumulation 
chambers do not operate efficiently if the formation gas/liquid ratio is very 
large, but due to the gas–liquid separation effect that inserted accumulation 
chambers introduce, these inserted completions can handle formation gas 
better (as long as the upper check valve has been correctly designed for mul-
tiphase flow). Inserted accumulation chambers should never be used if the 
well produces sand because it might be very difficult to pull them out of the 
well. Inserted accumulation chambers introduce an additional level of com-
plexity to the completion, increasing the probability of mechanical failures.

Because of the way the dip tube is installed, the inserted accumulation 
chamber shown in Fig. 6.62 does not need a special (usually expensive) 
packer. This dip tube should be carefully designed because it might create 
a high flow restriction as the liquid slug passes through it. Another disad-
vantage of this type of completion is that the dip tube should be pulled out 
of the well every time the gas lift valve needs to be replaced. Finally, a 
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large check valve (instead of a standard bleed valve) should be used to vent 
the formation gas (for the same reasons explained for the inserted chamber 
shown in Fig. 6.61).

Fig. 6.63 shows an insert accumulation chamber and a double-packer ac-
cumulation chamber with crossover mandrels that allow the use of simple 
type packer with the additional advantage that gas lift valves can be re-
placed without having to pull the dip tube out of the well. But all the other 
disadvantages explained for the inserted accumulation chamber shown in 
Fig. 6.62 also apply to this type of completion.

Fig. 6.64 shows another type of arrangement for insert accumulation cham-
ber in which the operating gas lift valve behaves as a bleed valve while the 
chamber is being filled with liquids. When the injection pressure in the an-
nulus reaches the valve opening pressure, the gas lift valve stops function-
ing as a bleed valve and operates as an injection valve. The dip tube can, 
in most cases, be retrieved by a simple wireline operation. The limitations 
explained for the last two completions above also apply to this type of insert 
chamber.

Fig. 6.65 shows an insert accumulation chamber located far below the 
packer. This type of completion might require unloading valves below the 

■■ FIGURE 6.62 Inserted accumulation chamber with a simple-type packer.
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■■ FIGURE 6.63 Insert and double-packer accumulation chambers with crossover mandrel.

■■ FIGURE 6.64 Insert chamber with dual-action gas lift valve.
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packer, as shown in the figure. This arrangement might have problems if 
it is produced on choke-control intermittent lift instead of using a surface 
intermitter. The intermitter needs to be used to force the operating gas lift 
valve (the chamber valve right above the chamber) to remain open while the 
surface intermitter is opened. This is due to the fact that the instantaneous 
gas flow rate that takes place when the gas lift valve opens is usually so 
high that the injection pressure drop due to friction in the parallel injection 
pipe is very large. On choke-control, the injection pressure at valve’s depth 
might reach the operating valve’s closing pressure before the pressure in the 
annulus (above the packer) can be reduced to its required value to inject all 
the volume of gas needed per cycle.

The problem described in the last paragraph can be overcome (so that 
choke-control intermittent gas lift can be implemented) by installing the 
completion shown in Fig. 6.66, where the operating valve is installed right 
above the packer and not on top of the chamber. This valve is calibrated 
with an opening pressure lower than the closing pressures of all the gas 
lift valves installed below the packer. In this way, the operating valve (just 
above the packer) is always open during the unloading of the well below the 

■■ FIGURE 6.65 Insert accumulation chamber located very far below the packer 
(unloading valves are required below the packer).
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packer; however, during the normal operation of the well (after it has been 
unloaded), the operating valve above the packer opens and closes while all 
the gas lift valves below the packer remain closed all the time.

Fig. 6.67 shows an arrangement that can be used in openhole completions 
for consolidated sands. The volume between the production sand and the 
dip tube is used as an accumulation chamber. The dip tube is hanged just 
above a conventional gas lift valve or a wireline-retrievable valve in a cross-
over mandrel. It is important to have a bleed port in the dip tube to be able 
to vent the formation gas (in case a dual-action gas lift valve is not installed 
as shown in Fig. 6.64). The problem with this type of completion is that the 
dip tube might restrict the liquid flow when the liquid slug passes through it. 
If a crossover mandrel is not used, it might be necessary to pull the dip tube 
out of the well to change the operating gas lift valve.

Fig. 6.68 shows an accumulation chamber (totally isolated from the casing) 
that could be a good solution if the casing cannot be exposed to high gas 
injection pressures or the injection gas is highly corrosive. The advantages 
of this type of completion are: (1) it can be installed at, or below, the perfo-
rations, and (2) it is an excellent way of venting the formation gas before the 

■■ FIGURE 6.66 Insert accumulation chamber located very far below the packer, with 
the operating valve above the packer and the unloading valves below the packer.
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liquids enter the accumulation chamber. The main disadvantage (besides the 
additional tubular goods that are needed) is its reduced volumetric capac-
ity (for the injection gas above the packer as well as for liquid accumula-
tion in the accumulation chamber) compared to a standard double-packer 

■■ FIGURE 6.67 Insert accumulation chamber for openhole completions in consolidated 
formations.

■■ FIGURE 6.68 Accumulation chamber isolated from the casing.
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accumulation chamber. If the volume of the inner annulus above the packer 
that is used to store high-pressure injection gas (between the production 
tubing and the production casing) is very small, it might not be possible to 
implement choke-control intermittent gas lift because the required gas lift 
valve area ratio could be larger than the largest commercially available area 
ratio. As explained in chapter: Design of Intermittent Gas Lift Installations, 
the larger the operating gas lift valve’s area ratio is, the larger the difference 
between the valve’s opening and closing pressure (known as the spread of 
the valve) becomes and therefore a larger volume of gas (from the annulus 
into the chamber) can then be injected per cycle. If the largest available 
area ratio is still too small, an intermitter needs to be used to force the gas 
lift valve to remain open for as long as it is necessary to inject the required 
volume of gas per cycle.

The explanation given in the last paragraph for the accumulation chamber of 
Fig. 6.68 also applies to the accumulator shown in Fig. 6.69. The additional 
disadvantage of the accumulator shown in Fig. 6.69 is that its volumetric ca-
pacity is even smaller than the completion shown in Fig. 6.68. The inherent 
advantage that accumulators in general have (of being able to handle forma-
tion gas better) might not be important in the type of isolated completion 
shown in Fig. 6.69 because the outer annulus already acts as a formation 
gas/liquid separator.

Fig. 6.70 shows an insert accumulator. This type of completion is recom-
mended for wells with long perforated intervals or long rat holes. As it is 
the case for accumulation chambers, insert accumulators also reduce the 
injection gas/liquid ratio but, at the same time, they can increase the liquid 

■■ FIGURE 6.69 Accumulator isolated from the casing.
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production even if the productivity index is not very large because of the 
very low bottomhole flowing pressures they can achieve at, or below, the 
perforations. They also handle formation gas better than any type of ac-
cumulation chamber installation. Additionally, they are not very complex 
installations; therefore, the possibility of any mechanical failure is reduced. 
The operating valve should be installed in the upper mandrel right above 
the packer. If this valve is installed in the lower mandrel, it is possible that 
the valve closes prematurely. This is due to the fact that the instantaneous 
gas flow rate (when the gas lift valve opens) is usually very large, so the 
injection pressure drop in the parallel injection pipe is also very large. If 
the valve is installed at the lower mandrel, the injection pressure at valve’s 
depth might reach the operating valve’s closing pressure before the pressure 
in the annulus above the packer can be reduced to its required value to inject 
all the volume of gas needed per cycle. Another point to consider is that the 
diameter of the accumulator should not be very large because of the fol-
lowing reasons: (1) to avoid very large liquid slugs (when they travel in the 
production tubing above the packer), which might be difficult to produce or 
might open an unloading valve, and (2) to avoid large liquid fallback losses, 
common in large-diameter tubing.

Finally, just as explained for insert accumulation chambers, the formation 
gas bleed valve (upper standing valve in the Fig. 6.70) should be able to 
handle multiphase flow and not just single-phase gas flow. The accumulator 

■■ FIGURE 6.70 Insert accumulator. (a) initial liquid accumulation stage; (b) final liquid 
accumulation stage; (c) gas injection.
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acts as a gas–liquid separator, in which a complex multiphase flow takes 
place in the annular volume located between the accumulator and the perfo-
rations, with the formation gas moving upward while part of the liquid falls 
to the bottom. At the beginning of the liquid accumulation period, liquids 
with very little gas enter the accumulator through the lower standing valve 
shown in the figure, generating a liquid column that, thanks to its low gas 
content, has a heavier pressure gradient than the pressure gradient in the an-
nulus. This causes the lower standing valve to close very early in the cycle, 
forcing the gas and liquids from the formation to enter the accumulator 
through the upper standing valve only. The liquids through the upper stand-
ing valve then fall and accumulate at the bottom of the accumulator while 
the formation gas is produced to the surface. This latter way of accumulat-
ing the liquids inside the accumulator takes place during most of the liquid 
accumulation period. Once the accumulator has been filled with liquids, the 
gas lift valve opens and gas enters the accumulator through the lower man-
drel (which should have a circulating valve to protect its side-pocket pol-
ished bore). While gas is being injected, its high pressure makes the upper 
and lower check valves close and the liquids are lifted to the surface. This 
process is illustrated in the pressure–depth diagrams shown in Fig. 6.71.

In Fig. 6.71a, the bottomhole flowing pressure as a function of time is il-
lustrated for a well producing on intermittent gas lift with a conventional, 
simple type, closed, or semiclosed completion. The minimum bottomhole 
pressure possible is reached at the beginning of the cycle. Then, when the 

■■ FIGURE 6.71 Pressure–depth 
diagrams for an insert accumulator. 
(a) Conventional intermittent gas lift, (b) 
accumulator (pressure at sand face throughout 
the liquid accumulation period), (c) accumulator 
(pressure inside the accumulator during the 
liquid accumulation period).
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bottomhole flowing pressure is approximately half the static reservoir pres-
sure (= Psbh/2), the liquid column should be lifted because the time interval 
required to reach this bottomhole pressure usually coincides with the cycle 
time for which the daily liquid production is maximized. Waiting for the 
bottomhole pressure to increase any further would make the daily produc-
tion decline because the rate at which the liquid level rises in the tubing 
declines to very low values as the bottomhole pressure increases. The time 
interval between two consecutive dashed lines in the figure is constant. No-
tice that the final dashed lines are drawn closer together. This is because it 
is more difficult to increase the liquid column length due to the greater pres-
sure the liquid column itself exerts on the formation.

Fig. 6.71b shows the pressure at sand face (or annular volume below the pack-
er) in a well with an insert accumulator while the inside of the accumulator is 
being filled with liquids. This annular pressure remains constant throughout 
the liquid accumulation period. In Fig. 6.71c both, the pressure at sand face 
and inside the accumulator, are shown. The pressure inside the accumulator 
increases as it is being filled with liquids. At the beginning, the pressure just 
above the lower standing valve (point “a”) is lower than the pressure at the 
same depth but outside the accumulator (sand face), which is at point “b.” 
While the pressure inside the accumulator goes from “a” to “b,” liquids are 
able to enter the accumulator through the lower and upper standing valves. 
But when the pressure at the bottom of the accumulator reaches point “b” 
the liquids enter into the accumulator only through the upper standing valve 
because the lower one is closed due to the weight of the low gas content liquid 
column that has been regenerated at the bottom of the accumulator. The ac-
cumulator continues to fill with liquids from above until the liquid level inside 
the accumulator reaches the upper standing valve. At that time, the pressure 
at the bottom of the accumulator is at point “c” which can very well be larger 
than the reservoir pressure. This is possible because the liquids inside the ac-
cumulator do not exert any pressure on the reservoir.

Two points should be noticed in Fig. 6.71c. First, the pressure gradient out-
side the accumulator is lighter (more vertically inclined) than the gradient 
inside of it because the liquids inside the accumulator have very little gas 
content, while at the outside the formation gas makes the pressure gradient 
lighter. Second, the dashed pressure lines inside the accumulator (after the 
bottom pressure inside the accumulator has reached point “b”) are shown at 
equal distance between each other to emphasize the fact that the accumula-
tor fills at a constant rate (because the pressure at sand face is approximately 
constant). The time interval between two consecutive dashed lines is con-
stant. This constant flow rate is approximately equal to the maximum liquid 
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flow rate that can only be obtained in a well with a simple type completion 
on intermittent gas lift for a brief moment at the beginning of the liquid 
column generation period. As the liquid column increases in length, its own 
pressure will make this maximum rate to decline in a well with a simple type 
completion. This is why an insert accumulator always increases the liquid 
production if the perforated interval is long. In fact, if the liquid column an 
insert accumulator can generate is placed right above the operating valve, it 
will cause a bottomhole pressure much greater than the reservoir pressure, 
as illustrated in Fig. 6.72.

6.4.4 Dual wells
When a well has two or more liquid- or gas-producing zones, there are many 
ways in which the completion can be installed to produce all zones simul-
taneously and separately from one another. In many cases, one zone is on 
natural flow and the other is produced on some type of artificial lift method. 
When both zones are produced on gas lift, the best thing to do is to have a 
different gas source for each zone. In this way, the gas flow rate that goes 
to each tubing string in the well can be separately controlled at the surface. 
If a single gas source is used to simultaneously lift both strings, it is advis-
able to follow the recommendations given in chapter: Design of Continuous 

■■ FIGURE 6.72 Effect of a liquid column accumulated inside an insert accumulator 
if it could be placed right above the operating valve in a simple-type completion.
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Gas Lift Installations regarding the design procedures for dual wells. In this 
latter case, it is extremely important to know the IPR curve of each zone to 
be able to design both strings.

In all types of dual wells, it is necessary to use a blast joint at the point 
where one zone produces against the tubing string of the other zone. Fluids 
produced by one zone may contain sand that might hit the tubing string of 
the other zone at that depth and cause erosion. Blast joints are heavy-walled 
subs used for abrasion resistance opposite producing perforations.

Packers to be used in dual wells can be hydraulic or weight set packers. 
If one string has oval-shaped (or conventional) mandrels, then packers 
set or released by tubing rotation should not be used. Hydraulic packers 
are more expensive but they don’t have the problems that are found in 
weight set packers. If the upper zone is on natural flow with a high reser-
voir pressure and the lower zone is produced on gas lift, a high pressure 
differential occurs across the top packer when the upper zone is shut in. 
This pressure differential might release the top packer. In these cases, an 
integral hydraulic hold-down for an upper retrievable type packer should 
be considered.

Wellheads for parallel-string completions must be large enough to allow 
the mandrels of one of the strings to move up or down without difficulty if 
both strings are not simultaneously run into or pulled out of the well. One 
tubing string should have beveled couplings or integral streamlined joints 
to prevent hanging up during running and pulling operations. External upset 
tubing couplings might be turned down for additional clearance.

For parallel-string dual completions, it is recommended to install landing 
nipples that can be used to: place plugs to set hydraulic packers, isolate 
one zone, test one string, install standing or safety valves, etc. The depths 
of the mandrels in parallel-string dual wells should be carefully evaluated. 
While running the second string, no two mandrels on this string should 
pass two mandrels on the other string at the same time. If the bottom man-
drels for both strings are located near the same depth, the bottom mandrel 
for the second string should be located one joint above the bottom man-
drel for the other string. A circulating device such as a sliding sleeve or 
a retrievable valve mandrel with equalizing dummy should be installed 
between the packers in a dual well for cleaning up, killing, or treating the 
upper zone.

Some examples of completions with concentric strings are described be-
fore presenting typical dual-well completions with parallel strings. Fig. 6.73 
shows several alternatives for concentric dual completions. They are less 
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expensive because they do not require special wellheads or packers but, in 
general, these completions have the following serious problems:

j The following operations can only be performed in the central string: 
running bottomhole flowing pressure and temperature surveys, taking 
fluid and solid bottomhole samples, cleaning paraffin or any other 
deposition along the tubing.

■■ FIGURE 6.73 Concentric completions.
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j For completions shown in Fig. 6.73c–e, it is not possible to change the 
gas lift valves in the outer tubing without pulling the completion.

j For completions shown in Fig. 6.73b–e, intermittent gas lift cannot be 
implemented when the liquids are produced up the annulus because the 
fallback losses and the required volume of gas per cycle could be very 
large.

j The outer packers (installed below one of the producing zones) might 
be difficult to pull from the well if sand accumulates on top of them.

j Exposing the casing to the produced fluids might damage the well 
because of corrosion or abrasion of the casing.

j The production pressure must be high enough to produce the well up 
the annulus in a stable manner.

j There are no reliable multiphase flow correlations for flow in annular 
conduits.

Fig. 6.74 shows examples of parallel-string completions. In this type of 
completion, a special upper packer and a standard lower packer are required. 
The wellhead should be specially designed to hang two parallel strings. The 
main advantages of these completions are: (1) bottomhole fluids and solid 
samples can be taken from both zones; (2) downhole flowing temperature 

■■ FIGURE 6.74 Parallel completions for 
dual wells.
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and pressure surveys can be run in both strings; (3) all gas lift valves can be 
installed and retrieved by wireline operations; (4) cleaning jobs to get rid of 
paraffin or other depositions can be performed in both strings; (5) intermit-
tent gas lift can be implemented in one or both zones; and (6) the casing is 
not exposed to reservoir fluids.

The most important disadvantages are: (1) the gas source is common to both 
strings, making it difficult to control the injection gas flow rate to each of 
them; (2) due to space limitations, only small-diameter tubing could be used 
(two strings of 2-in. nominal OD tubing can be installed in a 7-in. OD casing 
and two strings of 1.5-in. nominal OD tubing can be installed inside a 5½-in. 
OD casing); and (3) the point of injection of the long string could be located 
too far up above the perforations, with serious consequences if the reservoir 
pressure is very low.

Fig. 6.74b shows a completion in which the actual gas injection point of 
the long string is very close to zone 2 with an arrangement similar to an 
accumulation-chamber installation. This might be the only way to produce 
a lower zone if its reservoir pressure is too low or if it is located too deep be-
low the upper packer. In these cases, the operating valve is a dual-operation 
valve (injection and venting action) but it could also be a standard valve if a 
formation gas bleed port is installed in the upper part of the dip tube.

Fig. 6.74c represents an alternative to the completion shown in Fig. 6.74b. 
The injection gas is injected down the parallel pipe between the two packers. 
This pipe is directly communicated to the lower gas lift mandrel. For this 
type of arrangement, the lower mandrel should be equal to the one shown in 
Fig. 6.19d. As many mandrels as necessary to unload the long string below the 
upper packer can be installed in this type of completion. The problem with this 
completion is its complexity, which makes it more expensive and with a great-
er possibility of mechanical failures. They are also difficult to troubleshoot.

Fig. 6.75 shows several alternatives for dual wells with independent gas sourc-
es for each string. In this way, the injection gas flow rate to each string can be 
independently controlled at the surface. Because of lack of space inside the 
casing, these completions are usually limited to very small-diameter tubing.

Many wells are drilled through gas- and oil-producing zones. In these cases, 
it is possible to use the gas from the gas-producing zone to lift the oil-pro-
ducing zone, as shown in Fig. 6.76. This is sometimes called: “in situ gas 
lift,” “natural gas lift,” or “internal gas lift.” In Fig. 6.76a, a hydraulic line is 
used to control the gas flow rate from the upper zone to lift the lower zone. 
As can be seen in the figure, with this type of completion two packers and 
one hydraulic line must be used (the upper packer is used only if the casing 
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■■ FIGURE 6.75 Parallel completions with 
independent gas sources.

■■ FIGURE 6.76 Two types of “in situ gas lift” installations.
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above this packer cannot be in contact with the produced gas). One disad-
vantage of this completion is the inability to measure the injection gas flow 
rate. But the well’s liquid production can still be optimized by testing the 
well at different settings of the gas injection valve. Another way of control-
ling the injection gas flow rate (and pressure) of the gas coming from the 
gas-producing zone is shown in Fig. 6.76b. In this case, it is necessary to 
use a side pipe (for gas injection) and special gas lift mandrels connected 
to this pipe. The gas flow rate can be measured and gas samples can be 
analyzed to know its specific gravity and be able to accurately calculate the 
injection gas pressure at depth from the measured surface injection pres-
sure. It is important to take into account the friction pressure drop along 
the gas injection pipe to calculate the gas injection pressure at depth (this is 
usually not necessary in standard gas lift completions because the annular 
cross-sections are large and friction pressure drops are usually negligible). 
The other important point to remember is that the injection gas should not 
be corrosive; otherwise, the well might be lost because of a damaged casing. 
For both completions shown in Fig. 6.76, it might be necessary to install a 
standing valve at the deep end of the tubing to avoid cross flow (form the up-
per to the lower zone) in case the well needs to be shut in and the subsurface 
gas injection valve cannot be closed (this subsurface valve should also have 
a check valve to avoid liquids from the lower zone entering the annulus).

6.4.5 Use of coiled tubing
The development of coiled tubing technology has introduced several new 
types of completions that are highly beneficial to the implementation of the gas 
lift method. The most important advantages of coiled tubing completions are:

j It can be quickly installed in the well.
j The surface equipment, required to install or pull the coiled tubing, are 

few and do not occupy too much space.
j It can be installed in a well without having to kill it to control its 

reservoir pressure (killing a well is an operation that can cause 
formation damage and requires time, materials, and equipment to 
accomplish).

j It can be installed in wells without having to pull the existing 
completions.

j The required wellhead modifications and/or equipment are easy to 
implement and install.

One way in which coiled tubing strings have been installed in many exist-
ing gas lift wells is by simply inserting the coiled tubing string into the 
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existing production tubing string without pulling the gas lift completion 
out of the well. Lift gas is then injected down the casing–tubing annulus 
and into the annulus between the production tubing and the coiled tubing 
through the existing gas lift valves. Liquids are produced up the annulus 
between the production tubing and the coiled tubing (the coiled tubing is 
used as a blind pipe in a gas lift well). This is done in gas lift wells in which 
the reservoir pressure has declined and it becomes necessary to reduce the 
flow area to lower the injection gas/liquid ratio and be able to produce the 
wells in a stable manner; otherwise, the injection gas flow rate would need 
to be increased to keep a stable production or produce the well on intermit-
tent gas lift.

Coiled tubing, equipped with gas lift valves, can also be installed in natu-
rally flowing wells that are beginning to need some kind of artificial lift 
method to increase the liquid production or in gas lifted wells in which the 
reservoir pressure has declined. Gas can be injected down the coiled tubing 
and produce the liquids up the annulus between the coiled tubing and the 
existing production tubing or vice versa. In both cases, the gas lift valves 
that were initially installed in the production tubing (if any) can be replaced 
with dummy valves to avoid leaks or they can be left in the well to unload 
the annulus between the production tubing and the coiled tubing. The latter 
option requires pulling the coiled tubing out of the well if a gas lift valve 
installed in the existing production tubing fails.

Fig. 6.77 shows a wellhead arrangement required to inject the lift gas down 
the coiled tubing or down the annulus between the existing production tub-
ing and the casing.

■■ FIGURE 6.77 Wellhead arrangement for concentric coiled tubing installations.
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Fig. 6.78 shows a wellhead arrangement required for liquid production up 
the coiled tubing and gas injection down the annulus between the coiled 
tubing and the existing production tubing. With this arrangement, the lift 
gas can also be injected down the annulus between the production tubing 
and the casing.

Coiled tubing can also be used as parallel injection pipes, as explained in 
several examples in previous sections. For this purpose, it is necessary to 
have a wellhead arrangement as shown in Fig. 6.79. The tubing hanger is 
more expensive in this case, but not as expensive and bulky as the ones 
installed in dual wells.

As indicated earlier for gas lifted wells, coiled tubing can also used in natu-
rally flowing wells to simply reduce the flow area inside a production tubing 
with an inside diameter that is too large for current operational conditions. 
In this case, the coiled tubing is not used to inject gas or to produce liquids 
from the reservoir, but just as a “velocity string.” This type of application 
might also be recommended for gas wells that have a tendency to load up 
with liquids.

Coiled tubing diameters are available in different sizes and not just in small-
diameter tubing. The existing production tubing can be replaced by large-
diameter coiled tubing. There are gas lift mandrels that can be installed 
in 3-in. diameter coiled tubing. Several examples of gas lift mandrels for 
coiled tubing are presented at the end of Section 6.2. These mandrels can be 

■■ FIGURE 6.78 Wellhead arrangement for liquid production up the coiled tubing.
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installed at the plant and spooled together with the coiled tubing (so that the 
operation of running in the well the coiled tubing does not have to be inter-
rupted) or they can be installed at the well site.

Several examples of how a coiled tubing can be used are presented in 
Fig. 6.80. In the completion shown in Fig. 6.80a, the lift gas is injected 
down the annulus between the existing production tubing and the coiled 
tubing. For this completion, it is necessary to set a packer inside the existing 
production tubing or the coiled tubing can be set at a landing nipple inside 
the production tubing. The existing gas lift valves in the production tubing 
have been replaced by dummy valves but, as indicated earlier, the gas lift 
valves can also be left in the well to use them to unload the annulus between 
the coiled tubing and the existing production tubing. Gas lift valves inside 
the coiled tubing can be wireline retrievable or not.

In the completion shown in Fig. 6.80b, the coiled tubing is used to inject gas 
into a well that was previously producing on natural flow. A plug is installed 
at the end of the coiled tubing to avoid a large and uncontrolled volume 
of injection gas blowing around the end of the coiled tubing. The point of 
injection can be located at the perforations (or below them) if the perforated 
interval is very long. In the completions shown in Fig. 6.80c, d, existing gas 
lift valves were left in the well to use them to unload the well. In this way, 
only one injection point needs to be located in the coiled tubing to inject 

■■ FIGURE 6.79 Wellhead arrangement to install the coiled tubing string parallel to the 
production tubing.



286 CHAPTER 6 Gas lift equipment

the lift gas into the annulus between the coiled tubing and the production 
tubing. In the completion shown in Fig. 6.80c, the point of injection is a gas 
lift valve, while in Fig. 6.80d an orifice is installed at the end of the coiled 
tubing to control the gas injection through it. This orifice can be replaced 
with another one by a simple wireline job.

■■ FIGURE 6.80 Examples of coiled tubing applications for gas lift completions.
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An additional coiled tubing application, among many others, is presented in 
Fig. 6.81, where only the lower zone is desired to be in production but its 
reservoir pressure is very low and the operating valve would be located way 
above the top of the perforations if the coiled tubing was not installed as 
presented in the figure. The coiled tubing hangs just above the gas lift valve 
used as a transfer point. This transfer valve should not be used as an unload-
ing valve but only as a valve that allows the injection gas from the upper 
annulus to be transferred into the lower annulus between the coiled tubing 
and the existing production tubing. It is recommended to install either an 
orifice or a circulating valve at this transfer point with an orifice diameter as 
large as possible to minimize the pressure drop across it. The orifice valve is 
used to protect the polished bore of the mandrel’s pocket. The coiled tubing 
is set on a landing nipple installed in the production tubing to provide a seal 
for the injection gas so that it can only be injected through the gas lift valves 
installed in the coiled tubing.

6.4.6 Intermittent gas lift with metallic plungers
Conventional plunger lift is not considered as a gas lift sub method of pro-
duction because the lift gas comes from the formation itself and not from a 
source outside the well. In some cases, conventional plunger lift does use 
some volume of gas per cycle from an outside source to speed up the an-
nulus compression stage, but even in those cases it is still not considered a 

■■ FIGURE 6.81 Use of coiled tubing to lower the point of injection.
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truly gas lift method. The use of metallic plungers is only considered to be 
a part of the gas lift method of production when they are used to reduce the 
liquid fallback losses in conjunction with intermittent gas lift.

The conventional plunger lift is explained first in this section. This method 
is applied to wells with very high formation gas/liquid ratios and consists 
in closing the well to production at the wellhead for a given period of time 
to pressurize the annulus with formation gas while a liquid column is be-
ing generated at the bottom of the production tubing. When the annular 
pressure reaches a certain value (or after a predetermined period of time), 
the wellhead control valve opens (communicating the production tubing to 
the flow line) so that the gas in the annulus expands and pushes the liquid 
slug at the bottom of the tubing to the surface. Plungers are used to provide 
a solid and sealing interface between the liquid slug and the gas below it. 
If the well produces too much gas and the annular pressure reaches a very 
high value before the liquid slug has been accumulated, the excess gas can 
be produced directly from the annulus to a sales line through a control valve 
that opens after the annular pressure has reached a certain value and closes 
at the beginning of the liquid production stage. If, on the contrary, it takes a 
long time for the annular pressure to reach an acceptable value, liquid pro-
duction can be maximized by injecting gas from an outside source into the 
annulus during the time it is being pressurized. The surface valve in the flow 
line can be opened by a control system based on the annular pressure or on 
time, or on a combination of both. Most installations have a way of detect-
ing the plunger’s arrival at the surface to close the valve in the flow line and 
start a new annulus pressurization period. The plunger can be detected by 
several means: mechanical or magnetic detection, or by a pressure differen-
tial signal. In wells with lower gas/liquid ratios, it is important to close the 
flow line valve as soon as the plunger arrives at the surface. Fig. 6.82 shows 
a typical conventional plunger lift installation

The metallic plunger sits on top of a bumper spring, which in turn is set with 
a tubing stop in the production tubing. The tubing stop can be installed in a 
landing nipple or in a collar recess (if API tubing is used) or along the tub-
ing if a slip-type tubing stop is used. When the piston falls and strikes the 
bumper spring, usually a valve rod moves and closes an internal valve in the 
plunger. The internal valve in the close position does not allow the gas to 
pass through the inside of the plunger as it moves up while lifting the liquid 
slug. When the plunger reaches the surface and contacts the striker pad in-
side the lubricator, the valve rod is activated and the valve inside the plunger 
is opened. This allows the gas and/or liquids to pass through the plunger 
as it travels back down toward the bumper spring. The master valve at the 
wellhead must have a full bore equal to the tubing size to allow the plunger 
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to pass through it. The valve must not be oversized because this would allow 
excessive gas passage around the plunger and possibly prevent the plunger 
from reaching the lubricator. The plunger must reach the lubricator to: (1) 
allow removal for service, (2) activate a plunger arrival system (if used), 
and (3) activate the plunger valve rod (if the plunger has one).

The production tubing must be gauged. Plungers cannot be used if the tub-
ing is bent or crushed, or there are paraffin depositions, scale, etc. Nipples 
with a smaller drift diameter might also prevent the usage of metallic plung-
ers. Typical plunger installations do not have packers. If the tubing is set on 
a packer, either unseat the packer or perforate holes in the tubing to allow 
casing–tubing communication. If the annulus contains liquids that might 
cause formation damage, a tubing plug located at the end of the production 
string should be set before the holes are perforated above the plug; thus 
preventing potentially harmful fluids from contacting the formation. The 
liquids from the annulus can then be swabbed out before pulling the plug 
from the well. Fig. 6.83 shows the internal components of a typical lubrica-
tor in detail. The main functions of the lubricator are: (1) absorb the impact 
of the plunger using its bumper spring; (2) activate the valve rod to open the 
internal valve of the plunger (if the plunger has one); (3) If required, activate 
the catcher assembly to hold the plunger in the lubricator for easy removal; 
and (4) where the operating conditions of a plunger installation require rapid 
dissipation of tail gas or flow to a lower pressure system to lift the plunger 

■■ FIGURE 6.82 Typical conventional plunger lift installation.
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and accumulated liquids, a separate outlet is installed below the lubricator 
(this option might not be necessary in many wells).

Different types of plungers are shown in the following figures. There are 
several seal types: (1) turbulent seal for fast plunger downward velocity, (2) 
expanding blade seal for closer fit to the tubing wall, thus minimizing gas 
bypass around the annulus as the plunger moves upward, or (3) brush-type 
seal. Different types of sealing elements can be present in a single plunger. 
Plungers may or may not have valve rods or they can be hollow or solid 
(Figs. 6.84–6.86).

■■ FIGURE 6.83 Wellhead lubricator with the plunger inside.

■■ FIGURE 6.84 Wobblewasher-type plunger with integral valve rod.



2916.4  Types of completions for gas lift installations

Recently developed plungers are designed to drop through the liquids at 
higher velocities. This is an advantage for wells that produce viscous fluids 
or that need very high cycle frequencies. Fig. 6.87a, b shows a two-piece 
plunger: a metallic ball and a hallow cylindrical plunger on top of the ball. 
When the plunger is being pushed upward, the ball is in contact with the 
cylinder, providing a sealing interface between the liquid slug and the gas 
below it. When the plunger is on its way down, the ball is designed to drop 
faster so that the two pieces travel separately, achieving higher velocities. 
Sometimes the surface lubricator allows the ball to fall first and, after a pre-
determined period of time, the cylinder is allowed to fall.

Fig. 6.87c, d shows a hollow plunger with an internal rod that moves freely 
inside the plunger between the lower and upper stops. When the plunger 

■■ FIGURE 6.85 Plunger with integral valve rod showing both, turbulent seal and 
expanding blade seal.

■■ FIGURE 6.86 Brush-type plunger 
without integral valve rod (the striker 
pad contains a rod for activation of the 
plunger valve).

■■ FIGURE 6.87 New plunger designs.
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is being pushed upward, the rod contacts the upper stop thus providing a 
sealing interface between the liquid slug and the gas below the plunger. 
When the plunger drops, the rod contacts the lower stop and liquids can 
pass through the large lateral ports in the walls of the lower part of the hol-
low plunger. This allows for higher falling velocities. Plungers shown in 
Fig. 6.87 are recently patented applications and the reader should contact 
the specific plunger manufacturing companies for more details

Besides being used in conventional plunger lift, metallic plungers have dif-
ferent applications in wells that might be producing on other types of artifi-
cial lift methods or on natural flow:

j Plungers can be used from time to time to clean paraffin deposition on 
the inside wall of the production tubing.

j Plungers can also be used to unload gas wells when liquids accumulate 
at the bottom.

j As mentioned earlier, plunger can also be used in conjunction with 
intermittent gas lift to reduce the liquid fallback losses.

A plunger-assisted intermittent gas lift installation is shown in Fig. 6.88. 
Fig. 6.88a shows a gas lift completion with conventional (tubing retriev-
able) gas lift valves in which the plunger can travel through the production 
tubing without problem. If side-pocket mandrels are installed in the well, 

■■ FIGURE 6.88 Intermittent gas lift with plunger.
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plungers need to be modified to be able to pass through the gas lift man-
drels. The modification simply consists in adding an extension rod as shown 
in Fig. 6.88b. In any case, the idea of using plungers is only to reduce the 
liquid fallback losses in intermittent gas lift. The design procedures given 
for intermittent gas lift in chapter: Design of Intermittent Gas Lift Instal-
lations equally apply for intermittent gas lift with plungers only that the 
fallback factor used in the calculations should be very small. In wells that 
produce oil with gravities greater than or equal to 23 degrees API, plungers 
minimize the liquid fall back only if the liquid slug velocity is low. Experi-
mental observation has shown that for slug velocities greater than or equal 
to 1000 ft./min, the liquid fallback losses are the same with or without the 
use of metallic plungers when lifting this type of crude.

The most important disadvantage of using metallic plunger is the increase in 
maintenance costs and the intensive field supervision that they need.
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7
Gas lift valve mechanics

Understanding gas lift valve mechanics is important because gas lift designs 
and troubleshooting analyses depend on the opening and closing pressures 
of the unloading and operating valves. Once gas lift mandrel-spacing cal-
culations are done, the calibration of gas lift valves can be determined from 
the valve temperature at operating conditions and from the production and 
injection pressures at valve’s depth. The mandrel-spacing and gas lift design 
procedures that are explained in chapter: Design of Continuous Gas Lift 
Installations determine the valve’s port size and its operating temperature, 
as well as the production and injection pressures at valve’s depth. Because 
these procedures depend on the type of the gas lift valve being used, it is 
advisable to understand first the ways in which the different types of gas lift 
valves operate and how they are calibrated.

The equations that are used to find the calibration pressure of a gas lift valve 
are derived from the balance of the forces that try to open and close the valve 
just before the valve opens or just before it closes. Calibration equations for 
different types of valves and for different calibration procedures (calibration 
by opening or by closing the valve) are presented in the chapter. The equations 
that are used to determine the nitrogen pressure at test-rack conditions from the 
known operating conditions and vice versa, are also presented. The equations 
presented in the chapter are only valid for static conditions in which the gas 
flow rate is very low or equal to zero. Under dynamic conditions, these equa-
tions should be replaced with the mathematical models explained in the next 
chapter. Several problems are solved at the end of the chapter to familiarize the 
reader with the required valve calibration calculations that are performed in 
gas lift designs and with the force balance needed for troubleshooting analyses.

7.1 FORCE-BALANCE EQUATIONS FOR THE 
DIFFERENT TYPES OF GAS LIFT VALVES
As it was explained in Section 6.1, some types of valves respond mainly to 
the injection pressure while others to the production pressure. Accordingly, 
gas lift valves are classified as either “injection-pressure-operated” (IPO) or 
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“production-pressure-operated” (PPO) valves. The force–balance equations 
explained in the chapter are based on the fact that a force is equal to the pres-
sure times the area on which the pressure is applied. The area of the port of 
the valve is called Ap while the area of the bellows is Ab. The practical way in 
which these areas are determined is explained towards the end of the chapter. 
Usually, the values of Ap and Ab are provided by the valve’s manufacturer.

7.1.1 Injection-pressure-operated valves
Usually, IPO valves are nitrogen-charged valves. Very few models of ni-
trogen-charged IPO valves also have a spring that is used to provide an ad-
ditional closing force (the spring in this case is used for bellows protection 
because the bellows’ inside pressure does not need to be very high). There 
are even fewer models available for IPO valves that are only spring-loaded, 
for which the dome is filled with a protecting liquid at atmospheric condi-
tion. These spring-loaded valves are used in wells with very high production 
temperature (probably caused by steam injection) or where the temperature 
is very hard to predict. The main reason why spring-loaded valves are sel-
dom used is because they require a large pressure increase above the open-
ing pressure to be fully open. Nitrogen-charged IPO valves are exclusively 
calibrated by opening the valve, therefore they only have calibration “open-
ing pressures.” Spring-loaded IPO valves are most of the time calibrated by 
closing the valve, so they have calibration “closing pressures” although a 
few models are calibrated by determining the opening pressure.

Nitrogen-Charged IPO Valves. Fig. 7.1 shows the pressures that try to open 
and close a nitrogen-charged, IPO, gas lift valve.

■■FIGURE 7.1 Pressures that try to open and close a nitrogen-charged IPO valve. (a) main 
components, (b) pressures acting on the valve.
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The forces that try to close the valve are:

j The dome pressure Pbt, which is the pressure of the nitrogen at 
operating conditions, multiplied by the area of the bellows, Ab. 
The temperature at operating conditions is much higher than the 
temperature at test-rack conditions, which is usually equal to 60°F.

j As indicated earlier, for a limited number of valve models, in 
addition to the force provided by the nitrogen pressure, a spring is 
used to help closing the valve. In most cases, the valve manufacturer 
assigns a fixed value to the equivalent pressure supplied by the 
spring, called P′r, which is assumed to act on the bellows area Ab 
minus the seat or port area Ap.

The forces that try to open the valve are:

j The gas injection pressure at valve’s depth, P′c, multiplied by the 
bellows area minus the port area, (Ab − Ap).

j The production pressure at valve’s depth, Pt, multiplied by the seat or 
port area, Ap.

Even though the gas lift valve has an internal check valve, the value of Pt is 
still acting on the ball of the valve even if the check valve provides a tight 
hermetic seal that would not allow any communication from the tubing to 
the interior of the gas lift valve. This is because the ball-seat contact always 
allows a small leak of gas from the casing–tubing annulus into the tubing 
and, as soon as the pressure of the volume located between the ball and the 
check valve gets to be higher that Pt, gas will pass through the check valve 
towards the tubing, keeping in this way the pressure on the ball constant at 
Pt for as long as the valve remains closed and the pressure in the annulus is 
greater than the pressure in the tubing at valve’s depth. Check valves that 
offer a tight hermetic seal are relatively new and most check valves used 
today in the industry do allow pressure transmission from the tubing into the 
volume between the ball and the seat.

If the force balance is performed just before the valve opens, the equation 
from which the injection opening pressure is determined is as follows:

A A P A P A P A A P( ) ( ) ( ) ( )b p c p t b bt b p r− ′+ = + − ′ (7.1)

The left hand side of Eq. 7.1 corresponds to the forces that try to open the 
valve, while the forces that try to close it are given on the right hand side. 
These forces must be equal just before the valve opens. Dividing Eq. 7.1 by 
the bellows’ area gives the following equation:

R P R P P R P1 1c t bt r( ) ( ) ( )− ′+ = + − ′ (7.2)

(Ab−Ap)P9c+(Ap)Pt=(Ab)Pbt+(Ab−
Ap)P9r

1−RP9c+RPt=Pbt+1−RP9r
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Where R is the area of the seat divided by the area of the bellows. Values 
of R, P′c, and Pt are determined right after the location of the valve has been 
found in the mandrel-spacing procedure used during the design calculation 
of a gas lift installation. On the other hand, the value of P′r is supplied by the 
valve’s manufactures. Thus, the value of the nitrogen pressure at operating 
conditions, Pbt, can be calculated from Eq. 7.2. Once the value of Pbt has 
been found, the pressure that the same number of nitrogen moles inside the 
dome will have at calibration conditions, usually equal to 60°F, can be de-
termined from the equations given at the end of the chapter for that purpose 
(Eq. 7.16 or 7.17). If the valve does not have a spring to supply an additional 
force, the value of P′r is simply equal to zero in Eq. 7.2.

Eq. 7.2 can be expressed at test-rack conditions, where the temperature is 
usually equal to 60°F, for which the corresponding dome pressure is now 
called P′b instead of Pbt, and the production pressure Pt is equal to 0 psig 
because the valve in the test rack is only exposed to the calibration injection 
pressure (through the valve’s entrance ports), leaving the exit ports at the 
nose of the valve open to the atmosphere. At test-rack conditions, Eq. 7.2 
becomes:

R P P R P1 1tr b r( ) ( )− = ′ + − ′ (7.3)

The value of R is known from the outcome of the design procedure being 
used, P′r is a constant supplied by the valve’s manufacturer, and P′b is calcu-
lated from the value of Pbt with Eq. 7.16 or 7.17. In turn, Pbt is calculated 
from Eq. 7.2. Then, all the data needed to find Ptr (called the test-rack open-
ing pressure) from Eq. 7.3 are known. It is advisable that Ptr is measured at 
the shop by a manometer calibrated according to recommendations given by 
the American Petroleum Institute. The dome pressure at 60°F, P′b, is adjust-
ed during the calibration process so that the valve opens at a pressure equal 
to Ptr. There is no need to measure P′b directly. If the valve has a spring, 
the valve’s opening pressure must be set first equal to P′r (by adjusting the 
spring) with the bellow pressure equal to 0 psig (before injecting nitrogen 
into the dome).

In a well, at operating conditions and just before the valve opens, the injec-
tion pressure is only applied to the area (Ab − Ap), while the production 
pressure is only applied to area Ap. Once the valve opens, the gas injection 
pressure is applied to the entire bellows area. Because the injection pressure 
is greater than the production pressure, once the valve has opened it would 
not close at the opening injection pressure but at a lower pressure, which is 
called the valve closing pressure. The difference between the valve opening 
and closing pressures is called the “spread of the valve” and it plays a major 

1−RPtr=P9b+1−RP9r
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role in intermittent gas lift. The larger the area ratio is, the larger the spread 
of the valve becomes because the production pressure plays a more impor-
tant role in valves with larger seat diameters and, therefore, with larger area 
ratios.

From Eq. 7.3, the test-rack injection opening pressure, Ptr, is:

P
P

R
P

1tr
b

r( )=
′

−
+ ′

 
(7.4)

Nitrogen-charged gas lift valves are never calibrated by closing the valve 
because the closing calibration pressure would have random values due to 
the behavior of the internal components of the valve (hysteresis) explained 
in the next chapter.

Theoretically, once the valve opens, the injection pressure could be reduced 
to close the valve at a constant closing pressure. In this case, the injection 
pressure just before the valve closes is assumed to act over the entire bel-
lows area. The force balance equation at operating conditions just before the 
valve closes is in theory given by:

P P R P1cc bt r( )= + − ′ (7.5)

Where Pcc is the injection closing pressure. If the nitrogen-charged valve 
has no spring (P′r = 0), the injection closing pressure of the valve is equal 
to the dome pressure at operating conditions. If the gas lift design errone-
ously estimates the valve temperature at operating conditions to be lower 
than its actual value, the true opening pressure will be higher than the 
design injection opening pressure and it might not be possible to continue 
unloading the well for not having a sufficiently high injection pressure to 
open the valve. If, on the contrary, the estimated temperature is higher 
than the real temperature in the well while unloading it, the valve will be 
cooler under actual conditions and it is possible that the valve remains 
open and the unloading of the well cannot be continued unless the injec-
tion gas flow rate is considerably increased. These problems are analyzed 
in chapter: Design of Continuous Gas Lift Installations (eg, Figs. 9.37 
and 9.38).

Spring-Loaded, IPO Valves. As indicated earlier, these valves are not fre-
quently used and they are only installed in places where the production 
temperature is either too high or too difficult to predict. The force–balance 
equation is almost identical to the equation for nitrogen-charged valves, 
only that in this case Pbt is equal to zero and P′r is now called Pbtr and as-
sumed to act over the entire bellows area and not just over the bellows 

Ptr=P9b1−R+P9r

Pcc=Pbt+1−RP9r
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minus the port area as it is the case for P′r in a nitrogen-charged IPO valve 
with a spring installed to provide an extra closing force for bellows protec-
tion. Thus, the equation at operating conditions just before the valve opens 
is given by:

R P R P P1 c t btr( ) ( )− ′+ = (7.6)

The values of R, P′c and Pt (defined previously for nitrogen-charged valves) 
are determined from the gas lift design procedure being used. Then, Eq. 7.6 
is used to calculate Pbtr, or the “equivalent spring pressure” as it is also 
called.

At test-rack conditions, Pt is equal to zero (for the same reasons given for 
nitrogen-charged valves), P′c is the injection pressure measured at the shop, 
now called Ptr, and Pbtr does not change because the spring force does not 
depend on temperature. Then, the test-rack opening pressure is:

P
P

R1tr
btr

( )=
− 

(7.7)

In this case, Ptr is the pressure supplied through the entrance ports of the 
valve and it is measured just before the valve opens with a precisely cali-
brated manometer. Ptr is usually called Ptro when the valve is calibrated by 
opening it. The spring is adjusted at the shop until the value of Ptr is equal 
to Pbtr/(1 − R).

Spring-loaded valves are usually calibrated by closing the valve and measur-
ing the injection closing pressure. In this case because the valve is opened, 
the force balance that applies just before the valve closes is:

=P Ptr btr (7.8)

Where Pbtr is calculated from Eq. 7.6. The instant the valve closes, the 
value of Ptr is measured and it is called Ptrc. It is easier to calibrate spring-
loaded valves than nitrogen-charged valves; however, spring-loaded IPO 
valves are seldom used. As stated earlier, the reason lies on the fact that 
spring-loaded valves require a large pressure increase above the opening 
pressure to fully open the valve. The bellows load rate is defined as the re-
quired injection pressure increase necessary to move the stem of the valve 
a given distance from the seat. The bellows load rate is usually given in 
psi/in. The bellows load rate is smaller for nitrogen-charged valves. The 
equivalent bellows load rate of a spring-loaded valve is much larger than 
the ones usually found in nitrogen-charged IPO valves. This is why it is 
necessary to increase the injection pressure to a value much higher than 
the injection opening pressure to be able to move the ball off the seat as 

1−RP9c+RPt=Pbtr

Ptr=Pbtr1−R

Ptr=Pbtr
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far as it can move. As it is shown in chapter Design of Continuous Gas 
Lift Installations, the design of gas lift installations with IPO valves re-
quires a sequential drop in the valve’s injection opening pressure per each 
unloading valve. This pressure drop per valve is usually smaller than the 
required pressure increment needed to fully open a spring-loaded IPO 
valve; thus, spring-loaded valves can only be used if the injection pres-
sure is high enough to be able to reach the desired point of injection depth 
even with very large sequential pressure drops per valve. Regardless of 
their disadvantages, there are cases in which spring-loaded IPO valves 
should be used:

j In wells that have just been subjected to steam injection.
j In wells where it is difficult to predict the production temperature and 

the number of valves installed in the well is small.
j Pilot valves used in intermittent gas lift wells for which spring-loaded 

valves are highly recommended for the reasons explained in chapter: 
Design of Intermittent Gas Lift Installations.

PPO valves, on the other hand, are usually spring-loaded valves because:  
(1) the production pressure can decrease hundreds of psi during the unloading 
process, and (2) their calibration does not depend on temperature.

7.1.2 Production-pressure-operated valves
These valves are mainly opened by the production pressure that acts over 
the bellows area Ab minus the port area Ap. The gas injection pressure also 
tries to open the valve but because it is only applied over the port area, 
its effect is secondary. Fig. 7.2 shows a schematic view of a PPO valve. 
Other configurations of PPO valves are given in chapter: Gas Lift Equip-
ment, Fig. 6.3.

Fig. 7.2 shows a PPO valve with the nitrogen pressure at operating con-
ditions equal to Pbt. As it was the case for IPO valves, PPO valves can 
also be spring loaded with the bellows at atmospheric pressure, for which 
the only closing force comes from the spring. As was stated previously, 
spring-loaded valves are the most common type of PPO valves used in 
the industry. Nitrogen-charged PPO valves can also have a spring to pro-
vide an additional closing force and protect the bellows by not allowing 
its internal pressure be too high. The equivalent pressure provided by 
the spring in this case is assumed to act over the bellows area minus the 
port area and it is also called P′r. For the injection gas to go from the cas-
ing–tubing annulus to the production tubing, it has to first travel upwards 
through the seat and then downwards through five or six parallel holes 
(only one of these holes is shown in Fig. 7.2) towards the check valve. 

■■ FIGURE 7.2 Pressures that try to open 
and close a PPO valve.



302 CHAPTER 7 Gas lift valve mechanics

The combined area of the parallel holes is much greater than the flow 
area of the seat. The main gas restriction is then the seat of the valve and 
that is why the bellows area is always exposed to the production tubing 
pressure.

Nitrogen-charged, PPO valves. Forces that try to close the valve are:

j The nitrogen pressure Pbt at operating conditions multiplied by the 
bellows area Ab. At operating conditions the valve is much hotter than 
at test-rack conditions.

j If the valve has a spring, the additional closing force is equal to the 
equivalent spring pressure P′r times the bellows area Ab minus the port 
area Ap.

The forces that try to open the valve are:

j The injection pressure at valve’s depth P′c multiplied by the port area Ap.
j The production pressure Pt multiplied by the bellows area minus the 

port area, Ab − Ap.

If the force balance is carried out just before the valve opens, the equation 
that can be used to calculate the production opening pressure is:

′+ = + ′A P A A P A P A A P( ) ( – ) ( ) ( – )p c b p t b bt b p r (7.9)

The terms on the left hand side of Eq. 7.9 correspond to the forces that try to 
open the valve, while those on the right hand side correspond to the forces 
that try to close it. These opening and closing forces should be equal to 
each other just before the valve opens. Dividing Eq. 7.9 by the bellows area, 
Eq. 7.9 becomes:

( ) ( ) ( )′+ = + ′R P R P P R P1– 1–c t bt r (7.10)

Where R is the area of the port divided by the area of the bellows. The val-
ues of R, P′c, and Pt (defined earlier) are obtained from the design proce-
dure being used (right after the valve’s depth has been found). The value 
of P′r is a constant usually given by the valve’s manufacturer; therefore 
because all the other terms are known, the nitrogen pressure at operat-
ing conditions, Pbt, can be determined from Eq. 7.10. Once Pbt has been 
calculated, the dome pressure at test-rack conditions, known as P′b, can be 
found from the equation given in Section 7.2. If the valve does not have 
a spring to provide an additional closing force, the value of P′r is set equal 
to zero. At test-rack conditions, the injection pressure P′c is equal to 0 psig 
because the lateral valve’s inlet ports are exposed to atmospheric pressure 

(Ap)P9c+(Ab-Ap)Pt=(Ab)Pbt+(Ab-Ap)P9r

RP9c+1-RPt=Pbt+1-RP9r
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while the exit ports at the nose of the valve are exposed to the production 
calibration pressure. Then, at test-rack conditions Eq. 7.10 becomes:

R P P R P1 1tr b r( ) ( )− = ′ + − ′ (7.11)

The value of R is known from the outcome of the design procedure being 
used, P′r is a constant supplied by the valve’s manufacturer, and P′b is calcu-
lated with the equations given at the end of the chapter from the value of Pbt, 
which in turn is calculated from Eq. 7.10. Then, all the data needed to find 
Ptr (called test-rack production opening pressure) from Eq. 7.11 are known. 
It is advisable that Ptr is measured at the shop by a manometer calibrated ac-
cording to the recommendations given by the American Petroleum Institute. 
The dome pressure at 60°F, P′b, is adjusted during the calibration process so 
that the valve opens at a pressure equal to Ptr. There is no need to measure P′b 
directly. If the valve has a spring to provide an additional closing force, the 
valve production opening pressure must be set first equal to P′r (by adjust-
ing the spring) with the bellows pressure equal to 0 psig (before injecting 
nitrogen into the dome). If the valve at operating conditions is opened, the 
production pressure is applied over the entire bellows area. If the produc-
tion pressure decreases, a point is reached in which the valve closes; but, 
with the valve closed, the port area is now exposed to the injection pressure, 
which is usually much higher than the production pressure. In consequence, 
the valve opens and closes while the production pressure continues to de-
crease until the production pressure reaches a value below which the valve 
remains permanetly closed. From Eq. 7.11 the test-rack production opening 
pressure Ptr is given by:

P
P

R
P

1tr
b

r( )=
′

−
+ ′

 
(7.12)

Eq. 7.12 is equal to Eq. 7.4 for IPO valves, but it should be remembered 
that for PPO valves Ptr is the pressure measured at the shop that is applied 
through the nose of the valve because it represent the production pressure.

Spring-loaded PPO valves. As stated earlier, spring-loaded PPO valves are 
the most widely used, compared with all of the other types of PPO valves, 
in the industry. The force–balance equation is almost identical to the equa-
tion for nitrogen-charged valves, only that in this case Pbt is equal to 0 and 
P′r is now called Pbtr and assumed to act over the entire bellows area and not 
just over the bellows minus the port area as it is the case for P′r in nitrogen-
charged valves. Therefore, the equation at operating conditions just before 
the valve opens is given by:

R P R P P1c t btr( ) ( )′+ − = (7.13)

1−RPtr=P9b+1−RP9r

Ptr=P9b1−R+P9r

RP9c+1−RPt=Pbtr
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The values of R, P′c, and Pt are determined from the gas lift design procedure 
being used. Then, Eq. 7.13 is used to calculate Pbtr, or the “equivalent spring 
pressure” as it is also called. At test-rack conditions, P′c is equal to 0 for the 
same reasons given for nitrogen-charged valves, while Pt is the production 
pressure measured at the shop (now called Ptr) and Pbtr does not change be-
cause the spring force does not depend on temperature. Then, the test-rack 
opening pressure is:

P
P

R1tr
btr

( )=
− 

(7.14)

In this case Ptr is the calibration pressure applied through the nose of the 
valve and it is measured just before the valve opens (for this reason, it is 
also known as Ptro, where “o” stands for “opening”). The spring should be 
adjusted until the value of Ptr is equal to Pbtr/(1 − R). Spring-loaded valves 
are usually calibrated by closing the valve and measuring the production 
closing pressure. In this case because the valve is opened, the force balance 
equation that applies just before the valve closes is:

=P Ptr btr (7.15)

Where Pbtr is calculated from Eq. 7.13. The instant the valve closes, the val-
ue of Ptr is measured and it is called Ptrc where the “c” stands for “closing”.

7.2 CALCULATION OF THE NITROGEN PRESSURE 
AT DIFFERENT CONDITIONS
For nitrogen-charged gas lift valves, the operating temperature Tv to be used 
in design and troubleshooting calculations depends on the type of installation:

j Wireline-retrievable valves, installed inside standard side pocket 
mandrels with gas injection down the annulus and liquid production up 
the tubing.
❏ For design calculations, use a linear temperature distribution from 

the reservoir temperature to the production wellhead temperature. 
For troubleshooting analyses, use an intermediate temperature 
between the gas injection temperature and the production fluid 
temperature: (1) If the valve’s upper packings are above the 
bellows (usually the case for 1-in. OD valves) injection gas 
surrounds most of the valve and the dome temperature is estimated 
as the injection gas temperature at valve’s depth plus one-third 
the difference between the production temperature minus the 
gas injection temperature at valve’s depth; and (2) if the valve’s 

Ptr=Pbtr1−R

Ptr=Pbtr
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upper packings are below the bellows (very common in 1.5-in. 
OD valves) production liquids surround most of the valve and the 
dome temperature is estimated as the injection gas temperature 
at valve’s depth plus two-thirds the difference between the 
production temperature minus the gas injection temperature at 
valve’s depth.

j Wireline-retrievable valves, installed inside standard side pocket or 
concentric mandrels (inside the production tubing) with gas injection 
down the tubing and liquid production up the annulus.
❏ For design calculations, use a linear temperature distribution from 

the reservoir temperature to the production wellhead temperature 
(not the injection gas surface temperature). Temperature surveys 
in this case indicate that the injection gas rapidly acquires the 
temperature of the production fluids in the annulus when the well 
is in normal operation (after unloading) so it would be a mistake 
to estimate the valve design temperature equal to the linear 
temperature distribution from the reservoir temperature to the 
surface gas injection temperature. For troubleshooting analyses, 
a temperature virtually equal to the production temperature in 
the annulus at valve’s depth can be used because, as previously 
indicated, the injection gas can be considered to be at that 
temperature.

j Tubing-retrievable valves located outside the production tubing 
with gas injection down the tubing and liquid production up the 
annulus.
❏ For design calculations, use a linear temperature distribution from 

the reservoir temperature to the production wellhead temperature. 
For troubleshooting analyses, use the liquid production temperature 
at the valve’s depth.

j Concentric mandrel with gas injection down the annulus and liquid 
production up the tubing.
❏ For design calculations, use a linear temperature distribution from 

the reservoir temperature to the production wellhead temperature. 
For troubleshooting analyses use the liquid production temperature 
at valve’s depth.

j Tubing-retrievable valves located outside the tubing with gas injection 
down the annulus.
❏ For design calculations, use a linear temperature distribution from an 

average surface temperature (equal to the average of the gas surface 
injection temperature and the wellhead production temperature) to the 
gas temperature at the depth of the deepest valve. For troubleshooting 
analyses, use the gas injection temperature at valve’s depth.
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Beside the cases previously mentioned, there are situations where, for the 
reasons explained in chapter: Continuous Gas Lift Troubleshooting, the in-
jection gas is injected only through an upper unloading valve that is located 
above the static liquid level and, in consequence, the well does not produce 
any liquids. In these cases, there are equations that can be used to determine 
the valve’s temperature. The cooling effect caused by gas expansion through 
the gas lift valve and the lack of hot fluids coming from the reservoir, make 
the valve’s closing pressure decrease to pressures below its design value 
and therefore the valve tends to remain open. This problem is explained in 
Section 11.4.3, where the equations to predict the valve’s temperature are 
described in detail for troubleshooting analyses.

The nitrogen pressure at test-rack conditions (P′b in psig at 60°F) is calcu-
lated from the nitrogen pressure at operating conditions (Pbt in psig), from 
the following equation: P′b = CtPbt; where Ct is a factor that depends on the 
values of the nitrogen temperature, Tv, and the dome pressure, Pbt. Correla-
tions for Ct can be found in the literature. In a general form, these correla-
tions can be expressed as:

C G A B C P, , ,t 1 bt( )= (7.16)

Where G1 is a simple algebraic equation and A, B, and C are linear functions 
of Tv and Pbt:

A = f1(Tv − 60)
B = g1(Tv − 60)
C = h1(Tv − 60, Pbt)

If (520 Pbt)/(460 + Tv) is greater than a certain pressure Pmax1, a new func-
tion G2 is used, keeping the same form of G1 and changing only the values 
of A, B, and C as:

A = f2(Tv − 60)
B = g2(Tv − 60)
C = h2(Tv − 60, Pbt)

Linear functions fn, gn, and hn, as well as the value of Pmax1, can be found in 
the literature; however, the reader must be aware of the fact that all these 
functions might give erroneous results for dome pressures above a certain 
limit. With the advent of gas lift valves that can be set at very high test-rack 
opening pressures, new linear functions f3, g3, and h3, as well as a new pres-
sure limit Pmax2, must be used.

When doing troubleshooting calculations, the value of P′b can be calculated 
(using the equations explained in the previous section) from the value of Ptr 

Ct=G1A,B,C,Pbt
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found in the design of the well and then Pbt can be calculated for the current 
operating temperature Tv. This reverse calculation is more complex because 
it requires the iteration procedure given in Fig. 7.3.

A simpler alternative (for troubleshooting analysis or design calculations) 
to find P′b in psig from Pbt (also in psig) or vice versa, is given by the fol-
lowing equation:

P
P a

bb
bt′ =

+
 

(7.17)

Where a and b are parameters given by:

a = 0.083(Tv − 60)
b = 1 + 0.002283( Tv − 60)

For troubleshooting analyses, Pbt is simply equal to (bP′b − a). Eq. 7.17 
should not be used for values of Pbt larger than 2000 psig and operating 
temperatures above 220°F. This equation was developed by Zimmerman 
(1982).

It is important to indicate that tables to find the value of Ct are also pre-
sented in numerous books and manuals for gas lift design. These tables 
can be used with an acceptable level of accuracy for nitrogen pressures of 
values up to 1200 psig at 60°F. Higher than actually needed valve calibra-
tion pressures would be obtained if these tables are used for higher nitrogen 
pressures.

P9b=Pbt+ab

■■ FIGURE 7.3 Calculation procedure to find Pbt from P’b for troubleshooting analysis.
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7.3 DETERMINATION OF THE PORT  
AND BELLOWS AREAS
Fig. 7.4 shows two definitions of the port area to be used in the force balance 
equations presented in Section 7.1, corresponding to two types of seats: 
sharp-edged seats in Fig. 7.4a and tapered seats in Fig. 7.4b.

For sharp-edged seats, area Ap is used in the force balance equation and in 
the calculation of the gas flow rate (gas flow rate calculation is explained 
in chapter: Gas Flow Through Gas Lift Valves). For tapered seats, area Ap 
is used in the force balance equation and area A′p is used in the calculation 
of the gas flow rate, knowing that the discharged coefficient is affected by 
the special geometry of the seat in this case. The value of Ap depends on the 
taper angle and the diameter of the ball.

Once the area of the seat is determined, the bellows area Ab is found from 
a very simple procedure carried out at the test rack, which is explained in 
the next paragraphs.

The valve is subjected to fixed upstream and downstream pressures. The 
valve is placed in such a way that the production pressure, Pt, and the injec-
tion pressure, P′c, can be measured at the moment the valve opens. For each 
production pressure Pt, the injection pressure is slowly increased until the 
valve opens. The production and injection opening pressures are plotted as 
shown in Fig. 7.5 and the result should be a straight line.

The absolute value of the slope of the line in Fig. 7.5 is equal to the so called 
“tubing effect factor”, given by R/(1 − R) and denoted as PPef (nowadays the 
tubing effect factor is called “production pressure effect factor”). Because 
R is equal to Ap/Ab and Ap is already known, the value of PPef allows for the 
calculation of Ab from: 

■■ FIGURE 7.4 (a) Sharp-edged seats, 
(b) tapered seats.

■■ FIGURE 7.5 Results from a test to determine the bellows area to be used in the force 
balance equation.
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A A C C(1 )/b p= + (7.18)

Where C is the absolute value of the slope of the line in Fig. 7.5.

To demonstrate Eq. 7.18, a nitrogen-charged IPO valve, with no spring, is 
taken as an example. The force balance equation is given by Eq. 7.2:

R P R P P1 c t bt( ) ( )− ′+ = (7.2)

If the nitrogen pressure is kept constant and at a temperature of 60°F, then 
Pbt is equal to P′b. Dividing Eq. 7.2 by (1 − R) and solving for P′c:

P R R P P R[ /(1 )] /(1 )c t b′ = − − + ′ − (7.19)

Using Eq. 7.4 and the fact that Eq. 7.19 has a slope equal to −C:

P C P P( )c t tro′ = − + (7.20)

C is then equal to PPef = R/(1 − R), from which R = C/(1 + C) and because 
R is equal to Ap/Ab, Eq. 7.18 is demonstrated.

7.4 EXAMPLES OF PROBLEMS USING THE FORCE-
BALANCE EQUATIONS FOR DESIGNING AND 
TROUBLESHOOTING GAS LIFT INSTALLATIONS
Several examples of the use of the force–balance equations for designing 
and troubleshooting gas lift installations are given in this section.

Problem 7.1
For the operating conditions given later, calculate the calibration pressure 
corresponding to the following cases:

1. Ptro for a nitrogen-charged IPO valve without a spring.
2. Ptro for a nitrogen-charged IPO valve with a spring (P’r = 300 psig).
3. Ptro for a spring-loaded IPO valve.
4. Ptrc for a spring-loaded IPO valve.
5. Ptro for a nitrogen-charged PPO valve, without a spring.
6. Ptro for a nitrogen-charged PPO valve with a spring (P’r = 300 psig).
7. Ptro for a spring-loaded PPO valve.
8. Ptrc for a spring-loaded PPO valve.

The gas injection pressure P’c is equal to 1250 psig and the production pres-
sure Pt is equal to 425 psig. The valve temperature is 180°F and its area ratio 
R is 0.028.

Ab=Ap(1+C)/C

1−RP9c+RPt=Pbt

P'c=−[R/(1−R)]Pt+P'b/(1−R)

P'c=−C(Pt)+Ptro
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Solution

1. For this case Pbt is calculated using Eq. 7.2:

P (1 0.028)1250 (0.028)425 1226.9 psig.bt = − + =

 Eq. 7.17 is used to calculate P’b with a = 0.083(180 − 60) = 9.96 and 
b = 1 + 0.002282(180–60) = 1.27396.

P
P a

b

1226.9 9.96

1.27396
970.8782b

bt′ =
+

=
+

=

 Finally, the test-rack opening pressure is calculated using Eq. 7.4:

P
P

R
P

.1

970.8782

1 0 028
998.84589 psig.tr

b
r( ) ( )=

′
−

+ ′=
−

=

2. The additional spring force is taken into consideration in Eq. 7.2:

P (1 0.028)1250 (0.028)425 (1 0.028)300 935.3 psig.bt = − + − − =

 As can be seen, the spring does protect the bellows because it can now 
be charged at a lower nitrogen pressure (compared with the bellows 
pressure in part “1” of this problem).

 Eq. 7.17 is used to calculate P’b with a = 0.083(180–60) = 9.96 and  
b = 1 + 0.002282(180 − 60) = 1.27396.

P
P a

b

935.3 9.96

1.27396
741.9856b

bt′ =
+

=
+

=

 Finally, the test-rack opening pressure is calculated using Eq. 7.4:

P
P

R
P

.1

741.9856

1 0 028
300 1063.3596 psig.tr

b
r( ) ( )=

′
−

+ ′=
−

+ =

 Even though the dome pressure is less than the one found in the previous 
case (part “1”), the calibration pressure is now 64.51 psig higher. It is impor-
tant to remember that the calibration of the valve in this case is performed 
in two steps: First, with the bellows at 0 psig, the spring is adjusted until the 
valve’s opening pressure becomes equal to 300 psig and then the dome is 
pressurized until the test-rack opening pressure is equal to 1063.3596 psig.

3. To calculate the calibration pressure of a spring-loaded IPO valve, the 
value of Pbtr must be found first using Eq. 7.6:

R P R P P1 (1–0.028)1250 (0.028)425 1226.9 psigc t btr( ) ( )− ′ + = = + =

 The test-rack opening pressure is found from Eq. 7.7: Ptr = Pbtr/
(1 − R) = 1226.9/(1 − 0.028) = 1262.24 psig. Note that for the same 

Pbt=(1−0.028) 1250+(0.028) 425=1
226.9 psig.

P9b=Pbt+ab=1226.9+9.961.27396
=970.8782

Ptr=P9b1−R+P9r=970.87821−0.02
8=998.84589 psig.

Pbt=(1−0.028) 1250+(0.028) 425−(
1−0.028) 300=935.3 psig.

P9b=Pbt+ab=935.3+9.961.27396=
741.9856

Ptr=P9b1−R+P9r=741.98561−0.02
8+300=1063.3596 psig.

1−RPc'+RPt=Pbtr=(1-0.028)1250+(
0.028)425=1226.9 psig
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operating conditions, spring-loaded valves require a greater test-rack 
opening pressure.

4. In this case, the calibration closing pressure is equal to the value of Pbtr 
found in the previous case, which is 1226.9 psig.

5. For a nitrogen-charged PPO valve, Eq. 7.10 is used to find the dome 
pressure at operating conditions:

. . P .0 028 1250 1 0 028 425 448 1psig.bt( ) ( )+ − = =

 Eq. 7.17 is used to calculate P’b with a = 0.083(180 − 60) = 9.96 and b = 
1 + 0.002282(180 − 60) = 1.27396.

P
P a

b

448.1 9.96

1.27396
359.5561b

bt′ =
+

=
+

=

 Finally, using Eq. 7.12, the test-rack opening pressure Ptr is found (this 
pressure should be applied through the nose or lower part of the valve 
because it is the production pressure):

P 359.5561/(1 0.028) 369.9136psigtr = − =

6. In this case the additional spring force must be considered. Eq. 7.10 is 
used to find the dome pressure at operating conditions:

. . . P .0 028 1250 1 0 028 425 (1 0 028)300 156 5psigbt( ) ( )+ − − − = =

 Eq. 7.17 is used to calculate P’b with a = 0.083(180 − 60) = 9.96 and 
b = 1 + 0.002282(180–60) = 1.27396.

P
P a

b

156.5 9.96

1.27396
130.6634b

bt′ =
+

=
+

=

 Finally, using Eq. 7.12, the test-rack opening pressure, Ptr, (which must 
be applied through the nose of the valve) is found:

P 130.6634/(1 0.028) 300 434.4274 psigtr = − + =

 It is important to remember that the calibration of the valve in this case 
is performed in two steps: First, with the bellows at 0 psig, the spring is 
adjusted until the valve opening pressure becomes equal to 300 psig 
and then the dome is pressurized until the test-rack opening pressure 
is equal to 434.4274 psig.

7. For this case, pressure Pbtr is calculated first using Eq. 7.13:

P (0.028)1250 (1 0.028)425 448.1psigbtr = + − =

0.0281250+1−0.028425=Pbt=44
8.1 psig.

P9b=Pbt+ab=448.1+9.961.27396=
359.5561

Ptr=359.5561/(1−0.028)=369.913
6 psig

0.0281250+1−0.028425−(1−0.02
8)300=Pbt=156.5 psig

P9b=Pbt+ab=156.5+9.961.27396=
130.6634

Ptr=130.6634/(1−0.028)+300=434
.4274 psig

Pbtr=(0.028) 1250+(1−0.028) 425=
448.1 psig
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 The test-rack production opening pressure, Ptr, is found using Eq. 7.14:

P 448.1/(1 0.028) 461psigtr = − =

8. In this case, the test-rack closing pressure is equal to pressure Pbtr found 
in the previous case, which is 448.10 psig.

Problem 7.2
A well has a nitrogen-charged IPO valve without a spring. The production 
pressure at valve’s depth is estimated to be 365 psig and the bellows tem-
perature is 150°F. The valve’s area ratio is 0.028 with Ptro = 700 psig. Find the 
injection opening and closing pressures.

Solution
This type of operation constitutes one of the different calculations that 
must be performed during a troubleshooting analysis with the purpose of 
finding the most probable point of injection. Using Eq. 7.4, the dome pres-
sure at test-rack conditions, P’b, is found:

P P (1 0.028) 700(1 0.028) 680.4psigb tr′ = − = − =

To calculate the nitrogen pressure at operating conditions, Pbt, Eq. 7.17 is 
used. In this case:

a = 0.083(150 − 60) = 7.47
b = 1 + 0.002283 (150 − 60) = 1.20547
Pbt = P’bb − a = 680.4(1.20547) − 7.47 = 812.73 psig.

Eq. 7.2 is used to find the injection pressure at depth P’c. For injection pres-
sures greater than P’c, the valve might be open:

P P R R P R' /(1 ) ( ) /(1 ) 812.73/(1 0.028) (0.028)365/(1 0.028)
825.6276psig

c bt t= − − − = − − −
=

If the injection pressure at valve’s depth is greater than or equal to 
825.6276 psig, it is highly probable that the valve is open. In fact, the valve 
could be open if the injection pressure is greater than Pbt, which is the valve’s 
closing pressure, as long as the following two conditions are true: (1) the 
valve was already opened and then the pressure decreased to a value between 
825.6276 and 812.73 psi, and (2) the production pressure is high enough to 
help keep the valve open at this range of injection pressures (the dynamic 
models explained in chapter: Gas Flow Through Gas Lift Valves should 
be used to determine the state of the valve). To reach a final conclusion  

Ptr=448.1/(1−0.028)=461 psig

P'b=Ptr (1−0.028)=700 (1−0.028)=
680.4 psig

P'c=Pbt/(1−R)−(R) Pt/(1
−R)=812.73/(1−0.028)−(0.028)365-

/(1−0.028)=825.6276 psig
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that this is indeed the operating valve, the gas flow rate through the valve 
at operating conditions should be calculated and compared to the surface 
injection gas flow rate. Additionally, the bottomhole flowing pressure cor-
responding to this point of injection should also be calculated to establish 
if the liquid production calculated from the IPR curve corresponds to this 
bottomhole flowing pressure. The gas flow rate through an orifice valve is 
very easy to estimate using the equations given in chapter: Single and Mul-
tiphase Flow Through Restrictions. For calibrated valves, the gas flow rate 
calculation from current operational conditions is very difficult to do and the 
dynamic models explained in the following chapter must be used.
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8
Gas flow through gas lift valves

Predicting the gas flow rate through a gas lift valve for a given operation-
al condition constitutes one of the most important steps in designing and 
troubleshooting gas lift wells. For a successful design or troubleshooting 
analysis of a well on gas lift, it is necessary to be able to predict how a gas 
lift valve, with a given calibration pressure and surrounding temperature, 
will react to a set of upstream and downstream pressures. It is important to 
determine if the valve is (partially or fully) opened or closed, and to predict 
the gas flow rate the valve will allow to pass for each of these cases.

The easiest valves to analyze are the so-called “orifice valves.” These valves 
are installed at the operating point of injection, which is the point of injec-
tion the well will have under normal operation (once it has been unloaded). 
The gas flow through an orifice valve is called “orifice flow” to distinguish 
it from the more complex flow found in calibrated valves, where the ball, 
or stem tip, strongly interferes with the flow if the valve is not fully open, 
inducing a different type of flow called “throttling flow.” Fig. 6.7, in chapter: 
Gas Lift Equipment, shows two types of orifice valves. Fig. 8.1a shows a 
typical curve of the gas flow rate through an orifice valve for a given con-
stant injection (or upstream) pressure. In Fig. 8.1b, the injection (upstream) 
and production (downstream) pressures of a valve, P1 and P2, respectively, 
are identified in a pressure–depth diagram.

As can be seen in Fig. 8.1, if the upstream pressure of the valve (at valve’s 
depth), namely P1, is kept constant, for each downstream pressure P2 there 
is one and only one gas flow rate that the orifice valve allows to pass. If 
P1 and P2 are equal, the gas flow rate is equal to zero. This is the point in 
Fig. 8.1a where the curve intersects the horizontal axis. If pressure P2 is 
decreased (keeping P1 constant) the gas flow rate increases. If P2 is further 
decreased, a point is reached in which the gas flow rate attains a maximum 
value that remains constant for all other lower values of P2. In this situation 
the flow is said to be choked and it is called “critical flow.” The gas velocity 
across the valve reaches the velocity of sound at the boundary between criti-
cal and subcritical flow. Any pressure fluctuation downstream of the valve 
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cannot propagate upstream of the orifice if the flow is critical. The equation 
to predict the transition from subcritical to critical flow and the equations 
that describe the gas flow through orifices are derived in chapter: Single and 
Multiphase Flow Through Restrictions.

Fig. 8.2a shows several gas flow rate curves corresponding to different 
injection pressures P1 at a location just upstream of the valve. As the 
injection pressure is increased, the maximum gas flow rate an orifice valve 
can pass also increases. Fig. 8.2b shows the same information presented 
in Fig. 8.2a but in a three-dimensional graph to familiarize the reader with 
this type of graphs, which are very important when dealing with gas flows 
through calibrated valves. The horizontal plane in this case is defined by 
the injection pressure (P1) axis and the production pressure (P2) axis. Along 
the 45-degree line on the horizontal plane, the gas flow rate is equal to zero 
because P1 and P2 are equal on this line. The set of all curves corresponding 
to all the injection pressures, for an orifice valve of constant orifice diam-
eter, generates a surface that extends from the intersection of the three axes, 
where the gas flow rate is equal to zero, to a gas flow rate equal to infinity, 
provided the injection pressure could be indefinitely increased.

In reality, the available upstream injection pressure cannot be greater than a 
finite maximum value, either because that is the maximum pressure the com-
pressor can deliver or because higher pressures would open an unloading 
valve located above the operating injection point. If the maximum upstream 
pressure has been reached and it is necessary to inject a higher injection gas 
flow rate, the orifice valve should be replaced with another one with a larger 

■■ FIGURE 8.1 Orifice flow. (a) Gas flow rate diagram, (b) pressure–depth diagram.
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orifice diameter. Fig. 8.3a shows two curves for two different orifice diam-
eters and the same upstream injection pressure P1. Clearly, the gas flow rate 
can be considerably increased by increasing the orifice diameter. Fig. 8.3b 
shows, in a three-dimensional graph, the gas flow rates for two orifice diam-
eters, Ф1 and Ф2, and different upstream injection pressures P1.

Critical flow requires a large pressure drop across the valve and it might 
be an indication that compression energy is being wasted; however, at the 
other extreme, having a subsurface orifice gas lift valve in subcritical flow 
with the injection pressure (in the annulus) very close to the production 

■■ FIGURE 8.2 Gas flow through an orifice valve (constant orifice diameter) for different upstream injection pressures. 
(a) Two dimensional graph, (b) three dimensional graph with the same information.

■■ FIGURE 8.3 Orifice flow for two different orifice diameters. (a) Two dimensional graph, (b) three dimensional graph of the 
same process.
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pressure (in the tubing) could cause instability problems in the operation 
of the well. As shown in Fig. 8.4, any production pressure fluctuation 
(∆P2) in subcritical flow might induce a major change in the gas flow rate 
(∆Qgi) across the orifice valve that will not be present in critical flow. If, 
for example, there is a drop in the production pressure at valve’s depth 
(caused by any surface disturbance in the flowline or at the flow sta-
tion), the gas flow rate will increase and this increment in turn might 
reduce the production pressure even further if the original gas/liquid ratio 
was less than the ratio needed to obtain the minimum pressure gradient 
curve in the production tubing (minimum pressure gradient curves are 
explained in chapter: Total System Analysis Applied to Gas Lift Design, 
see Fig. 5.1). This could cause an additional increase in the gas flow 
rate, that might be followed by a reduction in the annular injection pres-
sure (because the gas flow rate through the orifice valve might now be 
greater than the injection gas flow rate at the surface). Meanwhile, if the 
reduction of the production pressure in the tubing makes the reservoir 
react with a considerable increase in the liquid production, the produc-
tion pressure will rapidly increase causing a decrease in the injection gas 
flow rate (which might even drop to zero) while the injection pressure is 
slowly trying to increase again. This process could manifest itself at the 
wellhead as small well headings or as very large pressure and liquid flow 
rate fluctuations that might affect the operation of the surface facilities 
and/or cause formation damage.

The gas flow rate through an orifice valve is much easier to describe than 
the dynamic behavior of a calibrated valve, in which the ball of the valve 
interferes with the gas flow, causing a restriction that depends on the posi-
tion of the ball with respect to the seat of the valve. The position of the ball, 

■■ FIGURE 8.4 Effect of the downstream (production) pressure fluctuation on the gas 
flow rate across an orifice valve.
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in turn, is a function of the calibration pressure of the valve and its upstream 
and downstream pressures. Fig. 8.5a shows what happens to the gas flow rate 
through a calibrated valve when the injection pressure is reduced while the 
valve’s closing pressure is kept constant. For each set of injection and closing 
pressures, there is one curve that describes the gas flow through a calibrated 
valve. For high injection pressures, the gas flow appears to be identical to 
the gas flow through an orifice valve and this is why it is called “orifice 
flow,” even though it takes place through a calibrated valve. This type of 
flow occurs when the valve is fully open. Although the type of flow seems 
to be orifice flow, the ball of the valve might still interfere with the gas flow, 
making it necessary for the equations derived for flows across orifice valves 
to be modified by introducing a smaller discharge coefficient. If the injection 
pressure is reduced, the curves begin to show a reduction in the gas flow rate 
at lower production pressures (for which the gas flow rate should remain 
constant in orifice flow). This type of flow is called “ transitional flow.” If the 
injection pressure is further reduced, eventually the curves intersect the pro-
duction pressure axis at low values of the production pressure, indicating that 
the valve has closed even though the injection pressure is above the injection 
closing pressure. In this last case, the flow is called “throttling flow.” If the 
injection pressure is further reduced, the valve’s injection closing pressure 
is reached. Fig. 8.5b shows the dynamic behavior of a calibrated valve in a 
three-dimensional diagram.

The topics presented in this chapter begin with the description of the 
Thornhill–Craver equation (developed for gas flow through surface choke 
beans in gas producing wells) as applied to orifice gas lift valves and to 
calibrated gas lift valves under orifice flow conditions.

■■ FIGURE 8.5 Gas flow through a calibrated valve. (a) Two dimensional graph, (b) three dimensional graph with the 
same information.
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8.1 USE OF THE THORNHILL–CRAVER EQUATION 
FOR GAS LIFT VALVES
Finding the exact seat (or orifice) diameter of a gas lift valve to pass 
exactly the gas flow rate calculated in the gas lift design of a well is a very 
important task in the implementation of the gas lift method. For decades, 
the Thornhill–Craver equation (Cook and Dotterweich, 1981) has been 
used to predict the gas flow rate through orifice or calibrated gas lift valves. 
This equation is presented in chapter: Single and Multiphase Flow Through 
Restrictions, Eq. (4.25), and its behavior and recommendations for its use in 
gas lift designs are described in this chapter. The Thornhill–Craver equation 
was developed for gas well surface choke beans, which are cylindrical 
restriction of approximately 6 in. in length and available in different inside 
diameters. The diameters used in the derivation of the equation ranged from 
1/8 to 3/4 in.

Until the mid 1980s, prior to the development of the models to predict the 
dynamic behavior of gas lift valves, the most commonly used equation 
for finding the seat diameter of a gas lift valve was the Thornhill–Craver 
equation. Even though important limitations of this equation were already 
identified by that time, they were not described in the literature in detail and 
only general and rather vague rules of thumb were used to take these limita-
tions into account. But during the 1980s, several experimental studies that 
described, in a rather superficial way, the behavior of the Thornhill–Craver 
equation when applied to gas flows through gas lift valves, were published. 
Winkler and Camp (1985) published an interesting work that shows evi-
dences of the limitations of the Thornhill–Craver equation. They found that 
in many cases the discharge coefficients, back-calculated from their own 
data, were much greater than those used in the Thornhill–Craver equation. 
They also modified the original equation by introducing the gas compress-
ibility factor Z into the equation in the following manner:
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Where Z is the gas compressibility factor that was not contemplated in the 
original equation, Qgi is the gas flow rate in MMscf/D, Cd is the discharge 
coefficient for a given seat diameter, Ap is the seat flow area in square in., r 
is the pressure ratio equal to P2/P1, P1 is the pressure upstream of the valve 
in psia, P2 is the downstream pressure in psia, g is the acceleration due to 
gravity equal to 32.16 ft/s2, k′ is the specific heat ratio of the injection gas 

Qgi=155.5CdApP12gk9k9−1r2/k9−rk9+1k9ggZT
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equal to Cp/Cv, gg is the gas specific gravity, and T is the absolute injection 
gas temperature upstream of the valve in °R. Experiments performed by the 
author of this book (at field conditions, with the gas lift valve held totally 
open by mechanical means, and with the internal check valve installed in 
the gas lift valve) demonstrated that the correction introduced by Winkler 
and Camp did not improve the behavior of the Thornhill–Craver equation 
in a significant way; therefore, further improvements of this equation are 
needed. Examples of the observations made on the behavior of the back-
calculated discharge coefficient, as compared to the original discharge 
coefficients, are given in Figs. 8.6 and 8.7 (for small-diameter seats only). 
The discharge coefficients, calculated from the measured gas flow rates 
and the valve’s upstream and downstream pressures, are plotted against the 
pressure drop across the valve divided by the upstream injection pressure. 
The flow area used in the calculation was the area of the seat for each case 
that was studied.

The following comments can be made from Figs. 8.6 and 8.7:

■ With or without the correction introduced by Winkler and Camp, the 
original discharge coefficient is less than the values measured for 
small-diameter seats (the opposite is true for large-diameter seats, not 
shown here).

■ With or without the correction introduced by Winkler and Camp, the 
actual discharge coefficient depends on the injection pressure and 

■■ FIGURE 8.6 Behavior of the discharge coefficient back-calculated by Hernandez from the 
data found in small-diameter seats (without the correction introduced by Winkler and Camp).
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the pressure drop across the valve. With the Winkler and Camp’s 
correction, the discharge coefficient tends to decrease as the injection 
pressure is increased and the opposite is true without the correction. 
These observations also apply to large-diameter seats (not shown).

■ For all cases, the actual discharge coefficient tends to increase as the 
pressure drop across the valve decreases, reaching values that are even 
greater than unity. This reveals the fact that the original and modified 
equations are not applicable in subcritical flows. This observation was 
also commented by Winkler and Camp in their work. A few years later, 
Nieberding (1988) also observed that the discharge coefficient changed 
as a function of the pressure drop across the valve, but he gave only 
general results without details regarding the effect of the injection 
pressure and the pressure drop across the valve on the discharge 
coefficient.

■ The Winkler and Camp’s correction causes the following effects: (1) 
the scatter of the discharge coefficient induced by the effect of the 
injection pressure is reduced; (2) the discharge coefficients, for small-
diameter seats, are closer to the original value but still remain at greater 
values, especially in subcritical flow.

Winkler and Camp back-calculated the discharge coefficients of seats 
totally removed from the gas lift valve, in other words, without the typical 
upstream and downstream restrictions found in a gas lift valve (such as 
its entrance and exit ports, its internal passage way, and check valve). In 

■■ FIGURE 8.7 Behavior of the discharge coefficient back-calculated by Hernandez from the 
data found in small-diameter seats (with the correction introduced by Winkler and Camp).
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a different type of test, they used modified valves so that the position of 
the ball could remain at fixed positions by the use mechanical means. In 
this additional study, Winkler and Camp’s tests were performed with the 
ball located in such a way that the frustum (the cone between the ball and 
the seat) would generate: (1) four flow areas smaller than the seat area, (2) 
one with the exact seat area, and (3) one with the valve totally open (with  
the ball located as far as possible from the seat). Discharge coefficients were  
back-calculated for each case using Eq. (8.1) with Ap equal to the area of 
the frustum and not the seat area (Fig. 8.8 shows the geometry that defines 
the area of the frustum). When the valve was totally open, the discharge 
coefficients were equal to those calculated with the ports removed from the 
valve. This indicates that the internal restrictions found in a gas lift valve do 
not have any effect on the gas flow rate for the experimental conditions used 
in Winkler and Camp’s work. The average discharge coefficients, for diam-
eters between 16/64 and 20/64 in. and different positions of the ball, were 
slightly smaller than the values found for seats removed from the valve and 
considerably smaller for 24/64-in. ports. For the seats studied by Winkler 
and Camp, the discharge coefficients were greater than or equal to those re-
ported by the original Thornhill–Craver equation: 11% greater for 16/64-in. 
seats, 6% greater for 20/64-in. seats, and almost equal for 24/64-in. seats. 
These results were published without differentiating between critical and 
subcritical flow.

The observations made by Winkler and Camp and, to a certain degree, those 
made by Hernandez, indicate actual discharge coefficients for small-diameter 
seats being greater than those originally reported by the Thornhill–Craver 
equation. But Nieberding (1998) and Acuña (1989) published different 
results, almost always opposite to those reported by Winkler and Camp and 
by Hernandez. The reason for this discrepancy is explained further.

In the following paragraphs, valves with outside diameters equal to 1 in. 
are referred to as 1-in.valves while those with 1.5-in. outside diameters are 
referred to as 1.5-in. valves. This diameter should not be confused with the 
diameter of the seat (also referred as the “orifice” or “port”) of the valve 
(which usually goes from 1/8 to 32/64 in.).

■■ FIGURE 8.8 Effective flow area of a partially opened gas lift valve.



324 CHAPTER 8 Gas flow through gas lift valves

Nieberding (1988) carried out tests with 1.5-in., nitrogen-charged gas lift 
valves and his observations indicate that the original discharge coefficients are 
greater than those he back-calculated for seats greater than ¼ in. in diameter,  
smaller for seats smaller than ¼ in. in diameter and about the same for ¼-in. 
diameter seats. For critical flow only, the observations made by Hernandez are 
similar to those made by Nieberding regarding the fact that as the seat diam-
eter is increased, the Thornhill–Craver equation goes from under predicting to 
over predicting the gas flow rate. But, while Nieberding found that the equa-
tion accurately predicts the gas flow rate for ¼-in. ports, Hernandez found 
that for those seats the equation still under predicts the gas flow rate. The 
results found by Hernandez indicate that the Thornhill–Craver equation under 
predicts the gas flow rates for all seats when the flow is subcritical and, in 
critical flow, the equation under predicts the gas flow rate for seats up to ¼ in. 
in diameter. For 20/64-in. seats, Hernandez found that the equation accurately 
predicts the gas flow rate in critical flow. Acuaña worked with 1-in., nitrogen-
charged gas lift valves and found that, with few exceptions, even for ports 
smaller than ¼ in. in diameter, the original discharge coefficients were greater 
than those he obtained and this deviation increases for larger seat diameters. 
Acuña also found that these deviations were greater for 1-in. diameter valves 
compared with those found in 1.5-in. diameter valves: 1-in. valves offer more 
resistance to the gas flow than the 1.5-in. valves. Fig. 8.9 shows, in a graphical 
way, the facts given in this paragraph.

■■ FIGURE 8.9 Comparison of the results obtained by different authors for the discharge coefficient.
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The differences found between the experiments performed by Winkler and 
Camp and by Hernandez on one side, and those by Nieberding and by Acuña 
on the other, can be explained in the following way.

■ First of all, the valves used by Hernandez were totally open by 
mechanical means, which maintained the ball far away from the seat, 
regardless of the upstream and downstream pressures of the valve.

■ Even though Winkler and Camp located the ball at different positions, 
they always back-calculated the discharge coefficient using the area of 
the frustum and not the area of the seat.

■ Nieberding and Acuña calculated the discharge coefficients using the 
seat area and assumed that the valves were totally open; but it is known 
that a valve might not be totally open and still exhibit orifice flow. The 
ball in Nieberding’s and Acuña’s experiments was free to settle at a 
distance from the seat established by the operational conditions.

It is possible then that the valves under the conditions present in Nieberd-
ing’s and Acuaña’s tests were not totally open. For small ports, the ball 
only needs to move a short distance to consider the valve as totally open. 
For example, a valve with an 8/64-in. port only requires the ball to move 
0.044 in. for the frustum area to be equal to the seat area, while for a 20/64-
in. port, the ball must move 0.13 in. for the same purpose. Additionally, the 
force required to move the ball does not depend on the seat diameter but on 
the resistance offered by the bellows or the spring, which is identical for 
valves of a given model and calibration pressure.

All these facts explain why the tests carried out by Nieberding and Acuña 
indicate that the Thornhill–Craver equation under predicts the gas flow 
rate for “small-diameter” seats: the valves were indeed totally open in 
these cases and the discharge coefficient tends to agree with the larger 
values found by Winkler and Camp and by Hernandez. Valves with 
larger seats required higher injection pressures to be totally open and it 
was possible that the ball was interfering with the gas flow in the tests 
performed by Nieberding and Acuña. On the other hand, Acuña found 
that 1-in. valves offered more flow resistance than 1.5-in. valves did. 
This is explained not only by the fact that the internal flow passage of a 
1-in. valve is more restrictive but, more importantly, because 1-in. valves 
require a greater differential pressure (above the opening pressure) to 
be totally open than 1.5-in. valves do. Pressures much higher than the 
injection opening pressure are required to open a 1-in. valve than to open 
a 1.5-in. valve to a given position of the ball. This is due to the fact 
that the bellows load rate (defined as a factor proportional to the spring 
constant of the bellows or the spring, see Fig. 8.10) for 1-in. valves is  
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greater than for 1.5-in. valves. The definition of the bellows’ load rate 
corresponds to the slope of the straight line obtained during especially 
designed tests in which the injection pressure under static conditions, Pinj, 
minus the valve’s closing pressure at the operating temperature during 
the tests, Pvc, is plotted against the stem movement (equal to the distance 
traveled by the ball from the seat).

As can be seen in Fig. 8.10, the curve obtained by increasing the injection 
pressure is different from the one obtained while decreasing the injection 
pressure. This behavior is called “bellows hysteresis,” and it is one of the 
reasons why the models developed for throttling flow are not very ac-
curate. But an even more disturbing observation is the fact that the mag-
nitude of the hysteresis effect depends on the maximum injection pres-
sure attained during the bellows’ load-rate test. This can be observed in 
Fig. 8.11, where graphs for two maximum injection pressures, Pinjmax a and 
Pinjmax b, are shown.

The use of the Thornhill–Craver equation could lead to the selection of seat 
diameters not adequate for the conditions in the well.

■ For orifice valves, the Thornhill–Craver equation could induce the 
use of orifices larger than required. This could cause a decrease in 
the annular injection pressure that, in extreme cases, might cause 
serious instability problems. Part of these problems has to do with the 
explanation given for Fig. 8.4 regarding subcritical flows.

■ For calibrated valves (nitrogen-charged or spring-loaded) with large-
diameter seats, the use of the Thornhill–Craver equation could result 
in the use of seats of smaller than required diameters. This problem is 
more severe for 1-in. valves.

These limitations on the use of the Thornhill–Craver equation were known 
before these experimental studies were published. Many authors gave 

■■ FIGURE 8.10 Definition of the bellows’ load rate.
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general recommendations to correct the deviations obtained from the use of 
the Thornhill–Craver equation for gas lift valves. For example, some of the 
most popular alternatives were:

■ For 1-in. valves up to 3/16-in. seats and for 1.5-in. valves up to 
16/64-in. seats, use the original Thornhill–Craver equation (select the 
minimum port size that will pass at least the gas flow rate needed). 
(This is acceptable if the valve is not fully open, otherwise it will 
induce the use of seats larger than necessary.) For larger seats, it was 
recommended to increase the calculated seat diameter according to the 
designer’s criteria.

■ Use the original equation to find the port for the design injection gas 
flow rate and then use a port one size larger as a safety factor.(This is 
adequate for 1-in. valves in general and for 1.5-in. valves with ports 
greater than ¼ in. in diameter, but not for 1.5-in. valves with ports less 
than or equal to ¼ in. in diameter unless the valve is not fully open.)

■ Size the port based on applying a 75 or 80% factor to the gas flow 
rate calculated with the original equation. (This is adequate for 1-in. 
valves in general and for 1.5-in. valves with ports greater than ¼ in. in 
diameter, but not for fully open 1.5-in. valves with ports smaller than 
or equal to ¼ in. in diameter).

No further details were given regarding critical or subcritical flow, spring-, 
or nitrogen-charged valves, etc.

Many commercially available computer programs use the original 
Thornhill–Craver equation but with the discharge coefficient modified in 
the following ways:

■ For 1.5-in. injection-pressure-operated (IPO) valves, use the discharge 
coefficient equal to 0.76.

■■ FIGURE 8.11 Effect of the maximum injection pressure on the bellows hysteresis.
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■ For 1-in. IPO valves and for production-pressure-operated (PPO) 
valves of any size, use the discharge coefficient equal to 0.65.

■ For 1.5-in. orifice valves, use the discharge coefficient equal to 0.86.
■ For 1-in. orifice valves, use a discharge coefficient equal to 0.75 (this 

might be too small for an orifice valve).

It is important to check if the software used for the design of gas lift wells 
allows the user to input the discharge coefficient manually.

Regarding the dependency (found by Hernandez) of the discharge coeffi-
cient on the injection pressure, there are experimentally induced uncertain-
ties in the field- and laboratory-scale work performed by the authors of the 
original Thornhill–Craver equation that might explain this dependency of 
the discharge coefficient. Even though they did not report the injection pres-
sures used during the laboratory-scale tests, the difference between the min-
imum and maximum injection pressures used and reported for field-scale 
tests were very large for small diameter seats (from 330 to 1100 psi for 1/8-
in. diameter seats) to very small values for large diameter seats (from 105 to 
only 128 psi for 3/4-in. diameter seats). This was probably due to problems 
regarding the maximum available gas flow rate that could be attained during 
the tests. For small-diameter seats, the difference between the maximum 
and minimum injection pressures was about 800 psi, while for large-diam-
eter seats the injection pressure levels, as well as the differences between 
the maximum and minimum injection pressures, were smaller. These ex-
perimental limitations, together with the dependency of the discharge coef-
ficient on the injection pressure found by Hernandez (see Figs. 8.6 and 8.7), 
explain why the scatter reported for the discharge coefficient in the original 
work was much greater for small diameter seats. The authors of the original 
work blamed these deviations on the variations of the diameters of the choke 
beans they used, which could explain part of the problem but not to the 
degree of the large values of the scatter found by Hernandez. Additionally, 
the experimental work used in the development of the original equation was 
carried out in critical flow and the derivation of the equation for subcritical 
flow was not reported.

Problem 8.1
The design of a gas lift well indicates that 3.5 MMscf/D are required to flow 
through a 1-in. OD gas lift valve. The pressure and temperature at the en-
trance of the valve are 850 psia and 150°F, respectively. The gas specific 
gravity is 0.7 and its specific heat ratio is equal to 1.27. The gas compress-
ibility factor at the entrance of the valve is 0.9 and the exit pressure is 
420 psia. Find the required diameter of the seat of the gas lift valve if the 
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Thornhill–Craver equation is used with the correction made by Winkler 
and Camp and based on: (1) 100% of the calculated gas flow rate; and (2) 
75% reduction of the calculated gas flow rate.

Solution
As explained in chapter: Single and Multiphase Flow Through Restrictions, 
if the flow is critical, r (=P2/P1) should be less than ro, which is found by:
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Because P2/P1 is 420/850 = 0.49, which is smaller than 0.5512, the flow is 
critical and the gas flow rate is calculated using ro as follows (the results are 
shown in Table 8.1):
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If the gas flow rate is assumed to be 100% of the calculated value, a 0.5-in. 
seat must be used because this is the smallest diameter capable of passing 
at least 3.5 MMscf/D. If the gas flow rate is assumed to be only 75% of the 
calculated value, a 5/8-in. diameter seat must be used. This is a step in the 
right direction because it is a 1-in. valve and the seat is not a small one.

Despite the limitations presented in this section regarding the use of the 
Thornhill–Craver equation, it continues to be a practical way of estimat-
ing the required diameter of the seat, within a reasonable margin of error, 

ro=2k9+1k9/(k9−1)=21.27+11.27/(1.27−1)=0.5512

Qgi=155.5CdAp850232.161.271.27−10.55122/1.27−0.55121.27+11.270.70.9150+460=25304πd24Cd

Table 8.1 Results of Gas Flow Rate Calculations for Several Seat 
Diameters d

Seat Diameter d (in.)
Calculated Gas
Flow Rate (MMscf/D)

75% of the Calculated 
Gas Flow Rate 
(MMscf/D)

7/16 3.15 2.36
1/2 4.11 3.08
5/8 6.36 4.77
3/4 9.39 7.04
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for orifice valves and even for calibrated valves when they are fully open. 
In fact, it is almost always impossible in gas lift design to obtain a seat 
diameter that perfectly matches a commercially available size because 
seats are only available in a few number of discrete sizes, such as 8/64, 
12/64, 16/64, or 20/64  in. The designer must select the smallest seat 
diameter that is capable of allowing at least the required injection gas flow 
rate. This usually implies the use of a seat that allows a larger than needed 
gas flow rate and the difference between this flow rate and the design gas 
flow rate is usually greater than the error introduced when applying the 
Thornhill–Craver equation, not to mention the general uncertainties in the 
design input data that the designer must usually face. This is presented in 
a graphical way in Fig. 8.12.

Then, the use of the Thornhill–Craver equation in design calculations 
might be adequate if some precautions (as explained previously) are taken; 
However, to carry out precise troubleshooting analyses, the Thornhill–
Craver equation is of little use because, in the great majority of cases, 
calibrated valves are not fully open and, consequently, the gas flow rate 
calculated using the Thornhill–Craver equation for the given upstream 
and downstream pressures is usually much greater than the actual gas 
flow rate. Additionally, many times a calibrated valve closes at low pro-
duction pressures even if the injection pressure is greater than the valve’s 
injection closing pressure. All these uncertainties have promoted the 
development of mathematical models capable of predicting the dynamic 
behavior of gas lift valves.

■■ FIGURE 8.12 Required gas flow rate (Qgi needed) in comparison to the flow rates the 
commercially available seats can provide.
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8.2 MATHEMATICAL MODELS FOR THE DYNAMIC 
BEHAVIOR OF GAS LIFT VALVES
Mathematical models for gas flow through orifices plates and chokes were 
developed long before the first models for gas lift valve behavior were 
published. No mathematical model able to predict the dynamic behavior 
of gas lift valves was published before the mid 1980s. Despite this fact, 
the way in which a calibrated gas lift valve would react to changes in the 
injection and production pressures was understood before the develop-
ment of the first mathematical models. Independent studies performed by 
valve manufacturers showed the dynamic behavior of their own valves 
and some companies developed rudimentary models to predict the gas 
flow rate in throttling flow. This is the case of the Teledyne–Merla com-
pany, which manufactured spring-loaded, IPO valves, identified as “se-
ries L” which were used in throttling flow with a design procedure called 
“Proportional Response Method” in which graphs obtained by this com-
pany were used to determine the behavior of these valves. The valve man-
ufacturer company McMurry also offered a set of tables that were used 
as a guide for the design of PPO, spring-loaded valves called S-FO and 
JR-FO. These tables would indicate the required increase in the produc-
tion pressure (from the opening production pressure) to provide a given 
gas flow rate.

For many years, the simple force–balance equations (presented in chapter: 
Gas Lift Valve Mechanics) were used to calibrate gas lift valves and to pre-
dict if a valve was opened or closed. At the same time, the Thornhill–Craver 
equation was used to predict the gas flow rate through gas lift valves with 
the limitations given in Section 8.1. The work performed by Neely et al. 
(1973) was one of the first publications that recognized the fact that it was 
necessary to develop a model to predict the complex dynamic behavior of 
gas lift valves.

The mathematical models developed so far can then be categorized as 
follows: Mechanistic models: Decker (1986), Hepguler (1988), and 
Sagar (1991). Statistical models: Nieberding (1988), Acuña (1989), and 
Rodriguez (1992). Unified models: Cordero (1993), Escalante (1994), 
Bertovic (1995), and Faustinelli (1997).

With the exception of the work developed by Decker (1986) and the work 
explained in this book, all dynamic models known today were developed at 
the University of Tulsa under the research program known as the Tulsa Uni-
versity Artificial Lift Projects; therefore, special recognition should be given 
to the effort made by students and professors at the University of Tulsa on 
this difficult subject.
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Biglarbigi (1985) presented a thesis on the gas passage performance of gas 
lift valves. He provided a procedure to estimate the gas passage through 
spring-loaded throttling valves. He also studied nitrogen-charged, IPO 
valves. His results showed that nitrogen-charged IPO valves can exhibit 
throttling and orifice flows and provided a criterion to predict the type of 
flow: If the injection pressure is greater than the test-rack opening pres-
sure at the operating temperature (instead of the usual 60°F test-rack tem-
perature), the valve will exhibit orifice flow, otherwise it will operate under 
throttling flow. The operating temperature is the temperature the valve has at 
a given downhole operating condition. Biglarbigi found the discharge coef-
ficients that can be used in the Thornhill–Craver equation for orifice flow, 
but he did not provide a model for throttling flow in nitrogen-charged IPO 
valves.

In 1986, K. Decker published a paper describing the first complete model 
for spring-loaded IPO valves, which can be used for nitrogen-charged valves 
with the inclusion of additional routines. This model can be considered a 
truly mechanistic model from which later and more sophisticated models 
were developed. It considered a force–balance equation under dynamic 
conditions in which the pressure acting on the ball of the valve (which 
depends on the gas flow rate) is calculated using the ANSI/ISA-575.01 stan-
dard control valve sizing equation at numerous points on the surface of the 
ball. This force–balance equation determines the position of the ball, which 
in turn determines the flow coefficient to calculate the gas flow rate; because 
of the interdependency of the flow rate and the forces acting on the ball, the 
calculation process is an iterative procedure. To apply this model, not only 
the load rate of the valve and the flow coefficient as a function of the stem 
travel need to be experimentally found, but also the flow areas at different 
locations inside the valve (as functions of the stem travel) have to be deter-
mined from the valve’s internal geometry.

As pointed out by Decker, this model required several modifications: (1) the 
values of the flow coefficient C′v for different points along the inside of the 
valve need to be experimentally determined; (2) any minor change regard-
ing the mapping of the pressure profile onto the ball surface has a profound 
influence on the gas flow rate, therefore a more sophisticated way of per-
forming this task is needed; (3) the model does not handle critical flow be-
cause it did not account for normal shock waves that can take place between 
the ball and the seat. The fact that several values of the flow coefficient need 
to be experimentally found makes Decker’s model difficult to implement.

A similar approach taken by Decker was followed by Hepguler in 1988 to 
develop a new model. This model uses a dynamic force–balance equation to 
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calculate the stem position but, in this case, the effective pressure is found 
by an empirical equation obtained from measured effective pressures act-
ing on the ball. To calculate the flow rate, the value of the expansion factor 
Y times the discharge coefficient Cd is needed. The product YCd is found 
from extensive experiments in which the pressure in the interior of the 
valve needs to be measured. Hepguler used a definition of the load rate of 
the valve which is different from the one that is generally used. To obtain 
this load rate, especial tests are needed. The dome’s internal pressure has 
to be measured during these especial tests. For gas flow rates greater than 
1.4 MMscf/D, the model calculates the pressure drop across the check valve 
located just before the exit of the gas lift valve. Because of all the difficult 
measurements needed to calibrate this model, this approach is found to be 
highly impractical.

Nieberding (1988), Acuña (1989), and Rodriguez (1992) worked on the de-
velopment of a different type of model, known here as “statistical models,” 
for orifice and throttling flows. These models treat the gas lift valve as a 
black box, so that only measurements taken outside the valve are consid-
ered. These models are not based on any physical characteristic of the valve 
and require extensive tests to correlate empirical factors that are used to 
determine the gas flow rate for a given operational condition. They are very 
easy to use and to incorporate in a computer program but they are not very 
accurate under operational conditions different from those used to calibrate 
the models.

In 1991, Sagar presented a model that follows the same approach previ-
ously taken by Decker and Hepguler (known here as the “mechanistic ap-
proach”). In this case, the effective pressure on the ball is found by cal-
culating the pressure along the ball using one-dimensional, compressible 
flow theory, including the calculation of the position of shock waves. This 
is done by assuming that the space between the ball and the seat can be 
treated as a converging-diverging nozzle, taking into consideration the flow 
area along the valve as a function of the stem travel but disregarding the ac-
tual shape of the flow passage. The flow area along the interior of the valve 
as a function of the stem travel is found from the internal geometry of the 
valve. The effective pressure on the ball is used in a force balance equation 
to determine the stem travel by means of an iterative procedure. The effec-
tive pressures calculated with Sagar’s model agree with the measurements 
taken by Hepguler only for small values of the stem travel. Sagar attributed 
this discrepancy to the fact that his model does not consider the presence 
of boundary layers and the actual complexity of the flow passage around 
the ball and seat.
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In 1993, Cordero introduced the first attempt to unify the throttling- and 
orifice-flow models into one single equation, but his work concentrated on 
PPO valves, which are not widely used.

In 1994, Escalante developed a model that uses the orifice-flow equation 
for both orifice- and throttling-flow regimes. In this model, the orifice-flow 
equation is modified (with the purpose of also being used in the throttling-
flow regime) simply by replacing the discharge coefficient times the expan-
sion factor, CdY, with a correlating factor that is linearly proportional to the 
forces that try to open the valve. Unfortunately, this factor proved not to be 
linearly proportional to the opening forces in many cases and it is a weak 
correlating parameter, especially for large ported valves.

In 1995, Bertovic developed a unified model that was the first one to be 
able to predict the gas flow rate for orifice, throttling, and transitional flows 
with a single set of equations (that is the reason why this type of model 
is called “unified model”). The model uses: (1) the orifice-flow equation 
for the flow across the seat, and (2) a modified orifice-flow equation, that 
incorporates the correlating factor proposed by Escalante for the gas flow 
through the ball seat area (the correlating factor proposed by Escalante 
was used in a quadratic equation rather than in the linear function used 
by the Escalante’s model). The results of these two equations (orifice-
flow and modified-orifice-flow) are set equal to each other to solve for an 
intermediate pressure between the minimum ball seat area and the seat 
itself. After this intermediate pressure is found, the gas flow rate is calcu-
lated using any of the two proposed equations. This model requires only 
six experimentally found coefficients, but they are difficult to find and 
they are not constants but functions of the valve’s closing pressure. These 
coefficients are relatively difficult to find because they must be determined 
from extensive dynamic tests.

Faustinelli indicated that Bertovic’s model was not physically correct be-
cause of the improper way of using the theoretical adiabatic equation from 
the minimum area to the area at the entrance of the check valve (located 
downstream of the seat). Faustinelli developed (and published in 1997) the 
second unified model that was capable of predicting the gas flow rate for all 
flow regimes. This model uses an empirical equation, based on the measure-
ments made by Hepguler, to find the pressure at the seat from: the injection 
pressure, the production pressure, and an empirically found coefficient. The 
flow area between the ball and the seat is found using the same factor in-
troduced by Escalante and used by Bertovic in his model. The flow is ther-
modynamically modeled at different points inside the valve and in different 
ways for each case: isentropic, constant pressure, or constant temperature 
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flows. The model requires only four experimentally found coefficients. 
These coefficients are not constants but functions of the valve’s closing 
pressure and extensive dynamic testing is required to determine their values.

One important contribution made by Bertovic and Faustinelli was to give 
an explanation for the internal process that determines the type of flow for 
a given operational condition. The boundaries between critical and subcriti-
cal flow, as determined by the model’s output, are shown in the following 
figures for: (1) the seat (Fig. 8.13) and (2) the ball seat area (Fig. 8.14). The 
reason why the flow rate in transitional flow reaches a maximum value, then 
begins to drop to finally stay at a constant value as the production pressure 
is decreased to zero, has to do with the fact that critical flow is reached 
at the seat of the valve at low production pressures. With critical flow at 
the seat, the pressure upstream of the seat is constant, independently of the 

■■ FIGURE 8.13 Transition between critical and subcritical flow at the seat.

■■ FIGURE 8.14 Transition between critical and subcritical flow at the ball seat area.
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downstream production pressure below its critical value, so the movement 
of the ball stops and the gas flow rate becomes constant for lower production 
pressures. It can also be observed in the figures that, in the ball seat area, 
critical flow does not take place at the maximum gas flow rate as suggested 
by Sagar but, instead, it happens at a lower production pressure.

Figs. 8.13 and 8.14 can be simplified to just one, as shown in Fig. 8.15.

Because of the complexities of the aforementioned models and the difficul-
ties encountered when trying to implement them, it is far more practical 
(and just as accurate) to use the simpler mechanistic models that are pre-
sented in Sections 8.2.1 and 8.2.2 for single element valves. A model for the 
more complex pilot valves is presented in Section 8.2.3.

8.2.1 Simple mechanistic model for single element, 
IPO, gas lift valves (without dynamic effect)
A very simple model that does not take into consideration any dynamic 
effect is explained in this section with the purpose of introducing the reader 
to this difficult subject. A more complex model that does take dynamic 
effect into consideration is explained in detail in Section 8.2.2. This latter 
model, as complex as it might seem, is still simpler than any of the mecha-
nistic models developed in the past and it is also easier to calibrate for a 
given valve model and implement in a computer program.

The simplest model that can be derived and implemented is the one 
based only on two types of tests: the bellows-load-rate test and the flow-
coefficient test, without taking into consideration the dynamic behavior of 
the gas lift valve. Decker (1986) was the first author to implement the basic 
concepts introduced in this simple model, which was followed afterwards 
by Hepguler and Sagar (each author, including Decker, incorporated some 

■■ FIGURE 8.15 Points where the boundary between sonic and subsonic flow takes 
place.
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additional factors to account for dynamic effects). In the bellows-load-
rate test, the position of the ball under static conditions is measured for 
different injection pressures (greater than the closing pressure of the valve 
at the conditions of the test) and these values are plotted on a “Pressure” 
versus “Ball Position” diagram as shown in Fig. 8.10. The same injection 
pressure is applied to the ball and the bellows at the same time and it is 
first increased in discrete steps until the stem can no longer move and then 
the pressure is decreased, also in discrete steps, until the valve closes. This 
results in a curve that has a linear section with slightly different slopes for 
increasing and decreasing pressures. The average slope of the linear section 
of the curve is called the bellows’ load rate of the valve, usually given in psi/
in. In the second test (flow-coefficient test), the position of the ball is held  
at a fixed value and the flow coefficient C ′v of the valve is calculated from 
tests performed at different injection and production pressures in which the 
gas flow rate is measured for each condition. The valve’s flow coefficient  
is calculated for several positions of the ball, giving a curve of the flow coef-
ficient as a function of the position of the ball as shown in Fig. 8.16. Both of 
these tests are easy to perform.

The first step in the application of this simple type of model is to determine 
the distance the stem has moved from the seat. For this purpose, the static 
force–balance equation is used “above” the valve’s opening pressure (and not 
just before the valve opens as it is used in chapter: Gas Lift Valve Mechanics). 
According to this simple approach, the area of the ball over which the produc-
tion pressure acts is kept constant at all time. This equation is given by:

+ = − +P A B A L P A A P A( )vcT b lr b v iod b s pd s (8.2)

Where PvcT is the valve’s closing pressure at the operating tempera-
ture in psig (equal to the dome pressure Pbt at operating temperature, 

PvcTAb+BlrAb Lv=Piod(Ab−As)+PpdAs

■■ FIGURE 8.16 C’v as a function of the stem movement for a given seat diameter.
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see  chapter: Gas Lift Valve Mechanics for the force–balance equation 
of IPO, nitrogen-charged or spring-loaded, gas lift valves); Ab is the bel-
lows area in square in.; Blr is the bellows load rate in psi/in.; Lv is the 
distance the stem has moved from the seat in in.; Piod is the operating 
injection pressure at valve’s depth in psig; As is the area (in square in.) 
based on the diameter where the ball contacts the seat (see Fig. 7.4b in 
chapter: Gas Lift Valve Mechanics, in which Ap is equal to As); and Ppd 
is the production pressure downstream of the valve in psig. According to 
this simple model, the area As (on which the production pressure acts) is 
kept constant, regardless of the position of the ball (which is a state that 
cannot exist under dynamic conditions). The heart of this simple model 
(and the reason for its simplicity) is then to assume that, independently 
of the position of the ball, the production pressure acts on the area of 
the ball exposed to the production pressure when the valve is closed. 
The implications of this oversimplification are described by means of 
three-dimensional graphs given in the more advanced mechanistic model 
presented in Section 8.2.2. As indicated previously, Eq. (8.2) was first 
used by Decker (1986), but it was also used (with the appropriate changes 
to introduce dynamic effects) by Hepguler (1988) and Sagar (1991).

The value of Lv can be found from Eq. (8.2) as:

= − + −L P A A P A P A B A[ ( ) ] / ( )v iod b s pd s vcT b lr b 
(8.3)

The flow coefficient of the valve, C ′v, is a function of the stem displacement 
Lv. This function should be experimentally determined to obtain results as 
those shown in Fig. 8.16. Experimental tests have shown that the maximum 
value of C ′v is found at ball positions for which the area of the frustum is 
larger than the area of the seat of the valve. The frustum is the truncated 
cone between the ball and the seat shown Fig. 8.8.

Once the value of C ′v is found, a modified version of Eq. (4.24) from chap-
ter: Single and Multiphase Flow Through Restrictions can be used to find 
the gas flow rate through the gas lift valve:

( )= ′ +
γ +

Q . C P . Y
x

T Z
32 64 ( 14 7)

460v
gi v iod

dp

1
 

(8.4)

Where Qgi is the gas flow rate in MMscf/D, C ′v is the flow coefficient of the 
valve, Piod is the pressure upstream of the valve in psig, Y is the expansion 
factor, g is the gas specific gravity, Tv is the gas temperature at the entrance 

Lv=[Piod(Ab−As)+PpdAs−PvcTAb]/(BlrAb)

Qgi=32.64C9v(Piod+14.7)YxdpgTv+460Z1
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of the valve in °F, Z1 is the gas compressibility factor at the entrance of the 
valve, and xdp is given by: 

=
∆
+

x
P

P .14 7dp
iod 

(8.5)

Where ∆P is the pressure drop across the valve. This equation is regularly 
used to determine the appropriate size of control valves used in surface 
facilities.

To be able to use Eq. (8.4), it is necessary to find Y and C ′v as functions of 
the position of the ball. This requires a calibration process. For this purpose, 
the position of the ball is fixed at a certain value by mechanical means and 
the gas flow rate is measured for different injection pressures and pressure 
drops across the valve. Then, the gas flow rate measured at each point, 
divided by the gas flow rate calculated by Eq. (8.4) with Y and C ′v set equal 
to unity, is plotted as a function of xdp. The best-fit line obtained for all 
the points corresponding to a given seat diameter and ball position gives a 
straight line that intersects the vertical axis at a point that defines the value 
of C ′v for that ball position, see Fig. 8.17. To find the value of Y as a function 
of xdp, a horizontal line is traced from xdp = 0 and Y C ′v = 0.667 C ′v until it 
intersects the best-fit line previously found. The value of xdp corresponding 
to this intersection point is equal to FkXt, where Fk is equal to k ′/1.4 and k ′ 
is the gas specific heat ratio. Knowing Fk and the product FkXt, the value of 
Xt is easily found. Unlike C ′v, the value of Xt is approximately constant for 

xdp=∆PPiod+14.7

■■ FIGURE 8.17 Determination of Y and C’v for a given ball position.
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a given seat diameter, regardless of the position of the ball. Then, knowing 
that Y = 1 when xdp = 0, factor Y as a function of xdp is given by:

= −Y x F X1 / (3 )k tdp (8.6)

For subcritical flow, Y goes from 1 at xdp = 0 to 0.667 (which corresponds 
to the transition between critical and subcritical flow in which xdp is equal to 
FkXt). For values of xdp greater than FkXt, the values of Y and xdp in Eq. (8.4) 
are fixed at 0.667 and FkXt, respectively. This simple model requires then 
the experimental determination of the value of Xt for a given seat diameter  
and C ′v as a function of the position of the ball (or stem movement). These 
are valve’s characteristics that can be easily found with an adequate test 
facility.

Then, for a given set of injection, production and valve’s closing pressures, 
the gas flow rate is found by the following simple steps:

■ Using Eq. (8.3), find the value of Lv;
■ With Lv already known, find the corresponding value of C ′v (using 

Fig. 8.16);
■ Calculate Y with Eq. (8.6) and the value of Xt (which is a constant for a 

given seat diameter);
■ Calculate the gas flow rate using Eq. (8.4), knowing that for values of 

xdp greater than FkXt, the values of Y and xdp in Eq. (8.4) are fixed at 
0.667 and FkXt, respectively.

8.2.2 Mechanistic model for single element, IPO, gas 
lift valves (with dynamic effect)
Following the approach taken in the previous section, a simple mechanistic 
model that takes into consideration the dynamic effects can be developed. 
The model presented in this section is reasonably accurate and, not only 
much simpler to program in a computer, but it only requires seven experi-
mentally found coefficients that are of constant value and very easy to find: 
two are found from the load rate tests, three from the flow coefficient tests, 
and only two from dynamic tests, with a very limited number of test points 
required in this last type of test. The model is based on finding the flow coef-
ficient as a function of the injection, production, and closing pressures of the 
valve. For this purpose, the bellows-load-rate tests are combined with the 
flow-coefficient tests and with a small number of test points under dynamic 
conditions. These dynamic test points are used to find the dynamic produc-
tion closing pressure in throttling flow. With the flow coefficient determined 
in this way, Eq. (8.4) is used to calculate the gas flow rate independently of 

Y=1−xdp/(3 Fk Xt)
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the type of flow (orifice, throttling, or transitional flow), thus the model can 
be defined as being mechanistic and unified at the same time. The model 
proposed here, for single element valves (not for pilot valves), can be re-
garded as a “unified model” because it uses only the orifice flow equation 
(as expressed in Eq. (8.4)) for all flow regimes, but with a flow coefficient 
C ′v that depends on the stem position.

In the load-rate tests, the valve is exposed to different injection pressures 
and, at each of these pressures, the position of the ball is measured. In this 
type of test, the gas flow rate is equal to zero at each value of the injection 
pressure; therefore, the test is performed under static conditions. Fig. 8.18 
shows the results from bellows’ load-rate tests in which, contrary to what 
is usually done, the horizontal axis is the injection pressure and the vertical 
axis is the distance traveled by the stem (up to the maximum effective stem 
travel). Averaging the hysteresis effect, the result is approximately a straight 
line with a slope a that decreases as the closing pressure increases. This 
dependency of the slope on the closing pressure is very small but it has been 
exaggerated in the figure so that it can be easily appreciated by the reader.

Each line in Fig. 8.18 corresponds to a given valve’s closing pressure and 
can be expressed in the following way:

= −L a P P( )v inj vcT (8.7)

Where Lv is the stem travel expressed in inches, a is the slope of the line, 
and Pinj is the injection pressure above the valve’s closing pressure at the 
operating temperature (known here as PvcT). Pressures Pinj and PvcT can  
be expressed in psia, thus a is expressed in in./psi and it is the inverse of 
the bellows’ load rate, which is usually expressed in psi/in. The load rate 
represents the required increase in the injection pressure in psi per in. of 

Lv=a (Pinj−PvcT)

■■ FIGURE 8.18 Results from the bellows’ load-rate tests.
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stem travel. Because of its dependency on the valve’s closing pressure, the 
slope a can be expressed as a linear function of the valve’s closing pressure 
at operating conditions:

= ′ + ′a a P bvcT (8.8)

The coefficients that need to be determined from the load-rate tests are a ′ 
and b′. These coefficients are easily determined because the load-rate tests 
are performed under static conditions. These coefficients are constants that 
do not depend on the seat of the valve. They only depend on the valve model 
being used. The simple relationship expressed in Eq. (8.8) can be replaced 
with a more sophisticated one, but it will not increase the accuracy of the 
calculated value of the slope a in a considerable way because the depen-
dency of a on PvcT is very weak.

The flow-coefficient tests are performed with internally modified valves 
so that the position of the ball can remain at fixed values during the tests, 
independently of the upstream and downstream pressures. Tests in which 
the flow coefficient is back-calculated are performed for upstream pressures 
that are greater than their corresponding downstream pressures (thus the gas 
flow rate is greater than zero), maintaining the stem position fixed at a given 
value. Typical results from these tests are shown in Fig. 8.19, in which each 
curve corresponds to a different seat diameter.

The curves presented in Fig. 8.19 can be approximated as linear functions 
like those shown in Fig. 8.20, with Ltrans being the stem travel that defines the 

a=a' PvcT+b'

■■ FIGURE 8.19 Results from flow-coefficient tests (to find C’v as a function of the stem 
travel).
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transition between throttling and orifice flow. Any stem travel greater than 
Ltrans will not cause a significant change in the flow coefficient C ′v. From 
experimental observations it was found that the value of Ltrans is less than the 
maximum stem travel found in the bellows’ load-rate tests, especially for 
small seats. On the other hand, Ltrans is greater than the stem travel required 
for the ball seat area (frustum area) to be equal to the seat area.

For a stem travel between 0 and Ltrans, C ′v can be expressed by the following 
equation:

′ =C A Lv slope v (8.9)

Where Lv is the stem travel and Aslope is the slope of the line. The coefficients 
that are used by the model and that can be easily obtained from the flow-
coefficient tests are: Ltrans, Aslope, and Xt, where Xt is the pressure drop across 
the valve divided by the injection pressure and the factor [(Cp/Cv)/1.4] at 
the point where critical flow begins, see Fig. 8.17. These parameters are of 
constant values for a given valve and seat diameter. (Cp/Cv) is the specific 
heat ratio, known as k ′ in this book. Combining Eqs. (8.7) and (8.9), an 
expression is found for the flow coefficient in terms of the injection pressure 
and the valve’s closing pressure at the operating temperature:

′ = −C A a P P[ ( )]v slope inj vcT
 (8.10)

The injection pressure at the point where the flow goes from throttling to 
orifice flow is called PinjT2 and it can be determined from Eq. (8.7) as:

= +P P L a( / )injT 2 vcT trans (8.11)

The value of C ′v found from Eq. (8.10), with Pinj equal to PinjT2, is called 
C ′vT2 and it can be used in the gas flow rate equation for orifice flow only. 

C'v=Aslope Lv

C'v=Aslope [a (Pinj−PvcT)]

PinjT2=PvcT+(Ltrans/a)

■■ FIGURE 8.20 Linear approximation of the flow coefficient as a function of the stem 
travel.
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For throttling flow, the gas flow rate equation for orifice flow is also used but 
with a value of C ′v that is not a constant but that depends on the injection 
and production pressures. In throttling flow, Eq. (8.10) is only valid in the 
vertical plane that intersects the horizontal plane along the 45 degree line 
with respect to the horizontal axes in the three-dimensional graph shown in 
Fig. 8.21. In this graph, the horizontal axes are the production and injection 
pressures, while the vertical axis is the flow coefficient C ′v. The line that is 
defined by Eq. (8.10) on this vertical plane is line A–D shown in Fig. 8.21 
and it is one of the most important lines on which this model is based. Due 
to dynamic effects, for any other point located outside this vertical plane, the 
value of C’v also depends on the injection and the production pressures, but 
in a way that is much more complex than Eq. (8.10), as explained in next 
paragraphs.

One way of approximating the value of C ′v for transitional and throttling 
flow is by the use of surface A–B–C–D in Fig. 8.22, for which it is neces-
sary to perform dynamic tests in which the stem is free to move according 
to the production and injection pressures. But the number of dynamic tests is 
small because they are only needed for finding the dynamic production clos-
ing pressure in throttling flow, which corresponds to line A–B in Fig. 8.22.

The model presented in this section approximates point C by simply pro-
jecting point D perpendicularly on the vertical plane where the production 
pressure is equal to zero. Line B–C corresponds then to an approximation 
of the transitional-flow regime that takes place for a very narrow range of 
the injection pressure between throttling and orifice flow. Point C” as shown 

■■ FIGURE 8.21 C’v line in the vertical plane at 45 degree angle with respect to the 
horizontal axes.
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in Fig. 8.22 is in reality where point C should be located but the exact loca-
tion of C″ is extremely difficult to find experimentally and it is very close 
to point C anyway.

The model presented in this section is in reality a refinement of the model 
presented in Section 8.2.1, for which only the “static” force–balance equa-
tion is used to find the stem travel, independently of the dynamic effects that 
change the actual values of the pressure that acts on the ball. With this static 
stem travel, the value of C ′v is found from the flow-coefficient-test results. 
Surface A–B′–C ′–D would then be the one used by the simplified model 
presented in Section 8.2.1. The assumptions made in the simplified model 
dictate that line A–B′ are parallel to line D–C ′. The error made by using 
this simplified model can be appreciated in Fig. 8.22 by comparing surface  
A–B′–C ′–D with A–B–C″–D. This error is a consequence of keeping the 
areas on which the upstream and downstream pressures are applied on the 
ball’s surface at constant values, disregarding the dynamic effect of the gas 
flow. This dynamic effect makes line A–B′ be in reality line A–B, which 
means that the valve tends to close at a lower production pressure, as dem-
onstrated by Acuña (1989), see Fig. 8.23.

On the other hand, line D–C ′ considered by the simplified model, is in 
reality D–C″. So the simplified model presented in the previous section 
tends to under predict the gas flow rate in throttling flow. The top view of 

■■ FIGURE 8.22 Flow coefficient C’v as a function of the injection and production pressures. (a) Three-dimensional 
graph; (b) horizontal projection.
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the surfaces shown in Fig. 8.22a can be appreciated in Fig. 8.22b. The major 
errors made by applying the simplified model will correspond to the areas 
D–C″–C ′ and A–B′–B. For the dynamic model presented in this section, the 
major errors will be made only in region D–C–C ″ which is small and very 
difficult to investigate experimentally in a practical way. Knowing the com-
plexity of other models, the approximated results that can be obtained from 
both, the simplified model and the dynamic one presented in this section, 
are reasonably accurate.

Fig. 8.24 shows the surface used by the dynamic model presented in this 
section. The simplest way to approximate surface A–B–C–D is by two plane 

■■ FIGURE 8.24 Surface used by the dynamic model.

■■ FIGURE 8.23 Effect of dynamic conditions on the production closing pressure.
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surfaces: A–B–D and B–C–D. The equations of these planes can be easily 
found using basic analytic geometry.

Each of the dashed lines in Fig. 8.24 corresponds to the values of C ′v for 
different production pressures with a common injection pressure. These 
lines do not necessarily need to be straight, but the data from dynamic tests 
showed that it is a good approximation to consider them as straight lines, as 
can be seen in Fig. 8.25 for curves with different injection pressures but with 
closing pressures that vary only within 1%.

As can be seen in Fig. 8.25, C ′v tends to decrease at the right hand side of 
these curves where the pressure drop across the valve is very small. This 
same behavior is found during flow-coefficient tests (which is a deviation 
from the predicted values according to the theory behind Eq. (8.4)).

In flow-coefficient tests, the stem is held at a fixed position by 
mechanical means; thus, the reduction of the flow coefficient at very 
small pressure drops across the valve cannot be attributed to dynamic 
effects on the position of the ball. This behavior is present if the data 
is analyzed with Eq. (8.4). On the other hand, if the Thornhill–Craver 
equation is used to analyze the data, the discharge coefficient tends to 
increase to values close to 1 for small pressure drops across the valve, 
as explained in Section 8.1. Fig. 8.26 shows a typical result from the 
flow-coefficient tests when the flow coefficient is the one used in Eq. 
(8.4). In this figure, x is the pressure drop across the valve divided by 
the injection pressure. It can be seen that, for small pressure drops 
across the valve, the values of YC ′v deviate from the straight line 
(the straight line is where the experimental points are supposed to be 
located according to the theory behind Eq. (8.4)). These deviations 

■■ FIGURE 8.25 Flow coefficients calculated from the data obtained during actual 
dynamic tests (the stem of the valve was allowed to move freely).
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simply indicate that the theories behind the different orifice flow 
equations do not accurately predict the gas flow rate for very small 
values of the pressure drop across the valve. This deviation poses no 
problem regarding the use of Eq. (8.4) in gas lift designs because the 
pressure drop across a gas lift valve should not reach very small values 
that might promote well instabilities.

As was indicated previously, line A–B can be obtained from a small num-
ber of dynamic tests for different valve’s closing pressures. Fig. 8.27 shows 
a horizontal projection of the surface presented in Fig. 8.24 with the nota-
tion used by Acuña (1989) in his derivation of line A–B. It can be seen in 
this figure that angles a and b are constant in the throttling flow region.

From this geometry configuration, Acuña developed the following expres-
sion:

= − −F P P P P( )/( )e inj vcT inj pdc 
(8.12)

Where Ppdc is the dynamic closing pressure of the valve at operating condi-
tions, PvcT is the valve’s closing pressure at operating conditions, and Pinj 
is the injection pressure at valve’s depth. Fe was assumed by Acuña to be 
a constant that does not depend on PvcT. According to the data reported by 
Acuña, the value of Fe presented a maximum deviation of around 30%. If Fe 
is considered a constant, the equation for line A–B is:

= − −P P P P F( )/pdc inj inj vcT e (8.13)

Fe=(Pinj−PvcT)/(Pinj−Ppdc)

Ppdc=Pinj−(Pinj−PvcT)/Fe

■■ FIGURE 8.26 Deviation of YC’v for small values of x in flow-coefficient tests (the stem 
of the valve is held at a fixed position).
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This equation is the equation of line A-B where the dynamic effects have been 
taken into consideration. The simplified model presented in Section 8.2.1 
gives an equation identical to Eq. (8.13), but with Fe replaced by the area 
ratio of the valve, R (the seat area divided by the bellows area). Acuña found 
that the value of Fe was slightly lower than R for almost all seat diameters 
he studied. If R is used instead of Fe, the production closing pressure for a 
given injection pressure would be greater than its actual value giving then 
line A–B′ (as shown in Fig. 8.22) instead of line A–B shown in Fig. 8.27.

The scatter of the values of Fe found by Acuña could be due to the fact 
that Fe might not really be a constant but a function of the valve’s injection 
closing pressure, PvcT. This could in turn be due to the dependency of the 
angle of line A–D with respect to the horizontal plane (in Fig. 8.22) on 
the injection closing pressure of the valve. This dependency is caused  
by the increase of the bellows’ load-rate as the injection closing pressure is 
increased. Thus, the projection of line A-D on the horizontal plane changes 
for different values of PvcT. There is no reason to believe then that the value 
of Fe would not change for different values of PvcT. As it is the case for the 
bellows’ load-rate, this dependency of Fe on PvcT should not be very strong. 
A simple equation for Fe in terms of PvcT could be:

= +F cP de vcT
 (8.14)

The values of c and d are the only ones that are required by the model pre-
sented in this section that need to be found from dynamic tests. Dynamic 
tests are more difficult to perform than the bellows’ load-rate tests and the 
flow-coefficient tests. Coefficients c and d are constant for each combination 

Fe=cPvcT+d

■■ FIGURE 8.27 Horizontal projection of surface A–B–C–D.
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of valve model and seat diameter. With Fe as a function of PvcT, Eq. (8.13) 
can be used to find line A–B for a given value of PvcT. Using the notation 
given in Fig. 8.28, the calculation procedure used by the dynamic model to 
find the gas flow rate is explained next.

PinjT1 (in psia) corresponds to the injection pressure where line A-B 
intersects the injection pressure axis. PinjT2 (also in psia) is the minimum 
injection pressure for which the valve is considered to be fully open and 
where the flow coefficient is equal to C ′vT2. Referring to Fig. 8.29, region I 
corresponds to the orifice flow regime. Region II corresponds to the transi-
tional flow regime where the flow coefficient is found by using the equation 
of plane B–C–D. Region III is divided into two parts: the upper part cor-
responds to the transitional flow, where the flow coefficient is found by the 
equation of the plane A–B–D, and the lower part corresponds to the throt-
tling flow regime, where the flow coefficient is also found by the equation of 
the plane A–B–D. Region IV represents the area where the valve is closed: 
in the upper part of this region the valve is closed because of dynamic effects 
and in the lower part the valve is closed because the injection pressure is 
below the valve closing pressure PvcT.

The data needed to calculate the gas flow rate is:

■ The injection pressure, Pinj, in psia.
■ The production pressure, Ppd, in psia.
■ The valve closing pressure at operating temperature, PvcT, in psia.
■ The injection temperature, Tinj, in °R.
■ The gas compressibility factor at Tinj and Pinj, which is Zinj.
■ The gas specific gravity, Gg, and the gas specific heat ratio, k ′.
■ The constants found from the bellows’ load-rate tests: a ′ and b′.
■ The constants found from the flow-coefficient tests: Ltrans, Aslope, and the 

critical pressure ratio Xt. Contrary to what is reported in the American 
Petroleum Institute (API) Recommended Practice 11V2, Xt is a 

■■ FIGURE 8.28 Notation used by the dynamic model.
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constant that does not depend on the stem travel. Xt is found using the 
procedure given in Section 8.2.1, see Fig. 8.17.

■ The constants found from the dynamic tests: c and d.

The calculations are done in the following order:

1. Using Eq. (8.8) find a.
2. Using Eq. (8.11) find PinjT2.
3. Using Eq. (8.9) with Ltrans find C ′vT2.
4. Using Eq. (8.14) find Fe.
5. Calculate PinjT1 = PvcT/(1 – Fe).
6. Next, the value of C ′v is found depending on the flow regime, using 

the equations from basic analytic geometry for the respective plane 
surface:

 For region I in Fig. 8.29, the value of C ′v corresponds to the orifice 
flow regime: C ′vt2.

 For region II the flow coefficient is calculated using the equation of 
the plane B–C–D, which is equal to:

β ( )
′ =

″ −

′γ
C

P P
v

injT1 inj

 
(8.15)

 Where, β″ = ′C PvT 2 injT 2  and ′γ = −P P PinjT1 injT2 injT2
2 .

 For region III, the flow coefficient is calculated using the equation of 
the plane A–B–D, which is equal to:

α β
γ

( ) ( )
′ =

− −

′
C

P P '' P P
v

vcT pd vcT inj

 (8.16)

C9v=b''PinjT1−Pinjg9

b''=C9vT2PinjT2
g9=PinjT1PinjT2−PinjT22

C9v=aPvcT−Ppdb''PvcT−Pinjg9

■■ FIGURE 8.29 Horizontal view of the plane surfaces that are used to calculate C’v.
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 With now α ( )= ′ −C P PvT 2 injT1 vcT
, β = ′'' C PvT2 vcT

, and 

P P P( )′γ = −injT1 vcT injT2 .

7. Calculate the pressure ratio x = (Pinj – Ppd)/Pinj.
8. If x > Xt(k ′/1.4) then fix the value of x at Xt(k ′/1.4).
9. Calculate Y = 1 – x/[3(k ′/1.4)Xt].

10. Finally, calculate the gas flow rate using:

= ′Q C P Y x G T Z32.64 [ / ( )]gi v inj g inj inj
1/2 (8.17)

The following observations were made by the author of this book while do-
ing load-rate and the flow-coefficient tests:

■ The hysteresis effect found while doing the load-rate test cannot be 
attributed to the viscosity of the liquid inside the bellows because tests 
done with valves with no liquid inside the bellows showed the same 
behavior.

■ When the pressure was raised to a point in which the valve was fully 
open, the hysteresis effect took its maximum value. However, if the 
maximum pressure of the test was less than the one that gives maximum 
stem travel, the hysteresis effect was not as pronounced and it can even 
be unnoticeable for small pressure increments above the closing pressure. 
This led to belief that the hysteresis effect was due to deformations of 
the shape of the bellows itself. Further tests were done with the dill 
valve removed so that the bellows pressure was constant and equal to the 
atmospheric pressure at all time. In this case, the bellows was compressed 
by a length equal to the maximum stem travel and then it was released. 
The length of the bellows did not return to its original one, showing a very 
small plastic deformation. This plastic deformation might be the reason 
why the pressure needs to be lowered by a certain amount below the 
pressure exerted on the way up to reach the same stem travel on the way 
down. This is a controversial issue that needs to be further investigated.

Another observation was that the critical pressure ratios Xt found while do-
ing the flow coefficient tests did not depend on the stem travel but they 
behaved as a constant for a particular valve seat. Then, the graph of Xt as a 
function of the stem travel given in API Recommended Practice 11V2 is not 
accurate because it shows that Xt goes to zero as the stem travel goes to zero.

The values of C ′v found from the flow-coefficient tests tend to zero as the 
pressure drop across the valve tends to zero. The same is true for the Cd co-
efficient using the orifice flow equation developed at the University of Tulsa. 
The value of Cd for the Thornhill–Craver equation, on the other hand, tends 
to increase for small pressure drops.

a=C9vT2PinjT1−PvcT

b''=C9vT2PvcT

g9=PinjT1PvcT−PinjT2

Qgi=32.64C'vPinjY[x/(GgTinjZinj)]1/2
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Beside the fact, expressed previously, that line A–B in Fig. 8.22 could 
depend on the valve’s closing pressure PvcT, this line could also depend on 
the injection gas temperature. For a choke that has a fixed geometry, with 
given upstream and downstream pressures, the effect of the injection gas 
temperature is explicitly indicated in the orifice flow equation. In this case, 
as the temperature increases, the gas flow rate (expressed at standard con-
ditions) decreases. For a gas lift valve, the gas flow rate can also change 
due to dynamic effects. Consider two cases in the throttling flow regime 
with the same dome, upstream, and downstream pressures, but with dif-
ferent injection temperature. The gas flow rate will be different for both 
cases, not only because of the temperature term present in the gas flow rate 
equation, but also because the dynamic effects could change the stem posi-
tion and therefore affect the flow coefficient. This means that coefficients 
c and d in Eq. (8.14), considered constants for a particular seat diameter, 
could indeed depend on the injection temperature. The value of Aslope in 
Eq. (8.9) does not depend on temperature because no dynamic effects are 
considered to affect the valve along the 45 degree plane and therefore line 
A–D in Fig. 8.22 remains the same for all temperatures (as long as the 
valve’s closing pressure is the same). Because line A–B, and probably line 
B–C″, in Fig. 8.22 are the only lines affected by temperature, it is expected 
that the effect of temperature plays only a minor role on the value of C ′v. 
Previous works have not elaborated on the effect of temperature, mainly 
because the tests were performed at ambient temperatures. Normal oper-
ating conditions at valve’s depth can go from around 100°F to more than 
200°F, thus it is recommended that the effect of temperature be studied 
experimentally in more detail.

8.2.3 Dynamic model for pilot valves
The behavior and proper use of pilot valves are presented in detail in chapter: 
Design of Intermittent Gas Lift Installations (the internal components of a 
pilot valve are presented in Fig. 10.6). Extensive experimental work con-
ducted by the author of this book has shown that spring-loaded pilot valves 
close at pressures above the static injection closing pressure Pvcs. In theory, 
the closing pressure of a spring-loaded pilot valve under normal operation 
in the well (that is, under dynamic conditions) should be identical to the 
static closing pressure, which is the test-rack closing pressure obtained at 
static conditions during the calibration of the valve. In Fig. 8.30, the closing 
pressure line for single element valves is line A–B, while the closing pres-
sure of pilot valves should, in theory, be line A–E. The value of the injection 
pressure at point A is the static closing pressure Pvcs. But the actual closing 
pressure takes place along curve A–G and line G–F.
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The closing pressure of a spring-loaded pilot valve should, in theory, be 
line A–E because the ball and the bellows of the valve (located in the upper 
part of the pilot valve, see Fig. 10.6) should be equal to the injection pres-
sure while the valve is opened (given the fact that the gas flow rate through 
the upper part of the valve is negligible). In reality, the pressure inside of  
the valve (in its upper section) does reach the pressure at line A–E while the  
pressure in the annulus, just upstream of the valve’s inlet ports, is still a little 
higher. In other words, the reduction of the pressure caused by the gas flow 
rate in the lower part of the valve (where the gas flow rate is very high), 
is felt at the upper section of the valve. The lower the production pressure 
downstream of the valve is, the higher the gas flow rate through the valve 
becomes and, in consequence, the valve tends to close at a higher injection 
pressure (curve A–G). When critical flow is reached at the lower section of 
the valve, the gas flow rate is constant for any production pressure below 
the pressure at point G and the valve closes at a constant injection pressure 
(line G–F). The larger the diameter of the ball is, the greater the effect of the 
lower section is felt at the upper section of the pilot valve and that is why 
the deviation of the actual closing pressure with respect to the static closing 
pressure is greater for larger balls.

The deviation of curve A–G and line G–F has been exaggerated in Fig. 8.30 
for didactical purposes. In reality, the dynamic injection closing pressure 
is slightly higher (percentagewise) than the static closing pressure. Even 
though this difference (between the dynamic and the static closing pressures) 
is not very large, it has a profound impact on the volume of gas injected per 
cycle, as explained in chapter: Design of Intermittent Gas Lift Installations, 

■■ FIGURE 8.30 Dynamic injection closing pressure curve.
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for choke-control intermittent gas lift. A deviation of only 5% in the clos-
ing pressure might represent a 70% reduction in the volume of gas injected 
per cycle. Nitrogen-charged pilot valves have a behavior opposite to the 
one shown in Fig. 8.30; nitrogen-charged valves tend to close at dynamic 
injection closing pressures lower than the static closing pressure. This is 
due to the drop in the temperature of the nitrogen (inside the dome of the 
valve) caused by the expansion of the injection gas as it exists the pilot 
valve at a very high flow rate. This drop in the nitrogen temperature lowers 
the valve’s closing pressure. The volume of gas injected per cycle in this 
case could be considerably larger than expected. This temperature effect  
is more pronounced in 1-in. nitrogen-charged, pilot valves because the dome 
of the valve is surrounded by the injection gas. The calculation of the dy-
namic closing pressure for nitrogen-charged pilot valves is far more com-
plex because it depends on the operational conditions surrounding the valve 
and complex heat-transfer calculations are required for each specific set of 
operational conditions.

Traditionally, the static closing pressure (usually equal to the valve’s cali-
bration pressure for spring-loaded valves) has been used as the dynamic 
closing pressure of spring-loaded pilot valves. The static closing pressure is 
easily calculated from the static force–balance equation:

= − ′ +P R P R P(1 ) ( )vcs c pd
 (8.18)

Where Pvcs is the closing pressure under static conditions (expressed in 
psig), R is the area of the seat at the pilot section of the valve divided by the 
bellows area, P ′c is the injection pressure in psig, and Ppd is the production 
pressure also in psig. Because this equation is based on static conditions 
(gas flow rate equal to zero at the upper and lower sections of the pilot 
valve), it is an excellent equation for predicting the opening pressure of 
the valve but not for estimating the valve’s closing pressure under dynamic 
conditions. The high gas flow rate through the valve makes its internal pres-
sure be lower than under static conditions and the valve closes at injection 
pressures higher than Pvcs.

Milano (1999) found the following equation to calculate the dynamic clos-
ing pressure Pvc:

( )= +P P a Y
n

vc vcs
 (8.19)

Where Y is equal to Pvcs – Ppd. The pressure terms in Eq. (8.19) can be ex-
pressed in psig or psia, as long as all of them are consistent. If the production 

pressure is smaller than Pcrit, defined as =
′ +
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, then the 

Pvcs=(1−R)P'c+(R)Ppd

Pvc=Pvcs+aYn

Pcrit=Pvcs2k9+1k9/k9−1
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value of Pcrit is used in Eq. (8.19) instead of Ppd. Coefficients a and n need 
to be found for each valve models and ball diameter.

Regarding the flow regime through the valve, pilot valves exhibit only ori-
fice flow. Throttling flow cannot take place because the injection gas flows 
mainly through the lower section, which is either opened or closed. As soon 
as the upper section of the valve opens or closes, the lower section does 
likewise. The piston in the lower section of the valve cannot have an inter-
mediate position (it is either fully opened or closed unless a malfunction 
of the valve is taking place). In single element valves, throttling flow takes 
place because of the regulating effect that the stem movement has on the 
flow rate. As can be seen in Fig. 8.15, if throttling flow takes place for a 
constant injection pressure, a decrease in the production pressure causes an 
initial increase in the gas flow rate but, if the production pressure is further 
decreased, the gas flow rate reaches a maximum value and then begins to 
decrease until the valve closes. Sonic flow can take place without freezing 
the ball position at one particular point because sonic flow takes place in the 
frustum area (between the ball and the seat) and not at the seat; therefore, 
the decrease in the production pressure is still felt in the lower part of the 
ball (which continues then to move towards the seat). As demonstrated by 
Bertovic and Faustinelli, in transition flow sonic velocity is reached at the 
seat (which is the minimum flow area for that flow regime) and, in conse-
quence, any reduction in the production pressure is not felt at the ball so that 
the ball position freezes at a given position and the valve cannot close even 
if the production pressure is reduced to zero.

In pilot valves, orifice flow takes place regardless of position of the ball in its 
upper section (as long as the upper section of the valve is not closed). If the 
upper section closes because of a reduction of the injection or production 
pressure, the orifice flow through the lower section is simply, and abruptly, 
interrupted as soon as the upper section closes, as shown in Fig. 8.31.

The orifice flow equation derived in chapter: Single and Multiphase Flow 
Through Restrictions, Eq. 4.24, or Eq. (8.4) presented in Section 8.2.1, can be 
used for pilot valves, as long as the discharge or the flow coefficients to be used 
are specifically found for each pilot valve model and seat diameter available. 
The Thornhill–Craver equation should not be used because it tends to under 
predict the gas flow rate if the flow is subcritical and to over predict the flow 
rate if the flow is critical. This is the same result explained in Section 8.1 for 
single element valves. The use of the Thornhill–Craver equation might lead to 
the conclusion that the gas flow rate through the gas lift valve can be larger than 
the actual value that can be attained. The implication of this erroneous conclu-
sion is explained in chapter: Design of Intermittent Gas Lift Installations.
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8.3 USE OF CHOKES INSTALLED DOWNSTREAM 
OF THE SEAT
Some operating companies install a choke inside IPO gas lift valves (down-
stream of the seat and close to the check valve, see Fig. 6.2c in chapter: Gas 
Lift Equipment) with the following objectives in mind:

■ To protect the seats from erosion: the highest gas velocities are reached 
at the choke and not at the seat.

■ To avoid throttling flow: the ball is exposed to higher pressures because 
the production pressure effect is not directly applied at the seat but below 
it. This could be used to help stabilize the operation of a well that would 
otherwise produce in an unstable fashion. The dynamic performance 
of an IPO valve with a choke downstream of the seat is qualitatively 
(not quantitatively) similar to the performance of a pilot valve, which is 
shown in Figs. 8.30 and 8.31. Referring to Fig. 8.30, a single element 
IPO valve without a choke will exhibit throttling flow for injection 
pressures from point B to F (on the y-axis) while the same single element 
valve with a choke downstream of the seat will operate in orifice flow.

Regardless of these advantages, these chokes can only be used in “unloading 
valves” in cases where the available injection pressure allows large sequential 
injection pressure drops per valve. The sequential injection opening pressure 
drop per valve is one of the techniques that are used in continuous gas lift 
design (different gas lift design procedures are explained in chapter: Design 
of Continuous Gas Lift Installations). The need for large sequential injec-
tion pressure drops per valve is due to the fact that, even though the gas flow 
rate is determined by the choke diameter, the spread of the valve (difference 
between its opening and closing pressures) continues to be determined by 

■■ FIGURE 8.31 Dynamic behavior of pilot valves. (a) Two dimensional diagram, (b) three dimensional diagram with 
the same information.
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the seat area (not the choke area) divided by the bellows area (this area ratio 
is simply known as the “area ratio of the valve”). The spread of the valve 
is directly proportional to its area ratio. Because the seat of the valve must 
necessarily be large when downstream chokes are used (otherwise the choke 
will be useless), the spread of the valve is also large. It is important to have 
large sequential injection opening pressure drop per valve (when the spreads 
of the valves are large) to avoid valve interference. Valve interference is an 
instability condition (explained in chapters: Design of Continuous Gas Lift 
Installations and Continuous Gas Lift Troubleshooting) in which two valves 
are opened at the same surface injection pressure because the deeper valve’s 
surface opening pressure is greater than the shallower valve’s surface closing 
pressure (because the spread of the shallower valve is too large).

Typical dimensions for sharp-edged and tapered seats, as well as for chokes, 
are shown in Fig. 8.32.

It is important to notice in Fig. 8.32 that the internal (longitudinal) length 
of the orifice, or wall thickness of a seat, is usually equal to approximately 
0.43 in., while chokes usually have thickness of only 0.157 in. The longer 
the length of the conduit through an orifice or restriction is, the greater the 
permanent pressure drop across the orifice will be for a given gas flow rate. 
Seats of 8/64 in. in diameter exhibit larger pressure drops than chokes of the 
same diameter (8/64 in.) installed in valves with seat diameters larger than 
8/64 in. Some results from flow-coefficient tests are shown in Fig. 8.33, 

■■ FIGURE 8.32 Typical seats’ and chokes’ dimensions.
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where the flow coefficient of a valve with “no choke” and a seat of 8/64 in. 
in diameter is compared with the flow coefficients of valves with a choke of 
8/64 in. in diameter and seat diameters of 12/64, 16/64, and 20/64 in.

It can be seen in Fig. 8.33 that fully opened valves (stem travel greater than 
or equal to 0.1 in. in this case), with different seat diameters and the same 
8/64-in. choke, have flow coefficients that are very similar among them-
selves but larger than the flow coefficient of the valve with no choke and a 
seat of 8/64 in. in diameter. Chokes offer less flow resistance and, in conse-
quence, the use of any of the orifice flow equations will under predict the gas 
flow rate and would give choke diameters larger than necessary.

8.4 USE OF CHOKES INSTALLED UPSTREAM 
OF THE SEAT
There are gas lift valve models that have chokes downstream of the 
valve’s lateral-gas-entrance ports but upstream of the ball and the seat, see 
Fig. 6.2b in chapter: Gas Lift Equipment. With this arrangement, the ball is 
always exposed to the production pressure and the bellows to the injection 
pressure. The valve is still an unbalanced valve in the sense that both, the 
injection and production pressures, try to open the valve, but the spread of 
the valve is equal to zero. The injection opening pressure still depends on  
the value of the production pressure. If the production pressure is reduced, the  
injection opening pressure necessarily has to increase to open the valve (this 
production pressure effect increases for larger seat diameters). The size of 
the seat does not affect the valve’s discharge coefficient or the difference 
between the opening and closing pressure of the valve (known as the “spread 
of the valve,” which is equal to zero in this case). In this way, the unloading 

■■ FIGURE 8.33 Measured discharge coefficients for different seat and choke 
combinations.
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valves can be designed for the same surface opening pressure but with a 
“design” production pressure larger than the “actual” production pressure, 
which is the one the well will have after the well has been unloaded and it is 
producing from the operating point of injection determined in the design (in 
other words, once the well is unloaded, the production pressure is less than 
the design production pressure). This reduction in the production pressure 
causes an increase in the opening pressures of the unloading valves, elimi-
nating the need of having injection opening pressure drops per valve. In this 
way, the operating valve can be reached with the available maximum surface 
injection pressure. The reader is advised to review the design procedure for 
spacing and calibrating gas lift valves of this type, given in chapter: Design of 
Continuous Gas Lift Installations, Section 9.2.1, to gain more insight on the 
use of upstream chokes and on the concepts that are presented here.

The problem with valves with upstream chokes is that their discharge coeffi-
cients and dynamic behavior have not been reported yet. Usually, the choke 
is not a single orifice, but many small-diameter orifices.

If the valve is fully open, the discharge coefficient depends only on the 
geometry of the choke: number of orifices, their diameters, shape, axial 
length, etc. A good approximation to size the choke (if no information is 
available) is to use the Thornhill–Craver equation with the total area of the 
choke equal to the summation of all areas of the small orifices (the reduc-
tion of the discharge coefficient caused by having many orifices is compen-
sated by the reduced thickness of the longitudinal length of the orifices).

The determination of the flow coefficient when the valve is not fully open 
is much more complex. The dynamic behavior of the valve restricts the gas 
flow rate in throttling flow in ways that have not been reported in the litera-
ture. The reader is advised to review Sections 8.2.1 and 8.2.2 to have a better 
understanding of the explanations given in the next paragraphs.

Because the bellows is always exposed to the injection pressure and the ball 
to the production pressure, the simplified method described in Section 8.2.1 
can be used. With this method, the area of the horizontal plane that has to 
be used to determine the value of C ′v is A–B′–C ′–D instead of the area A–
B–C–D used by the dynamic model presented in Section 8.2.2 for single 
element valves without chokes, see Fig. 8.34.

For valves with upstream chokes, the determination of the flow coefficient 
is much more complex than just using the surface indicated by the sim-
plified model presented in Section 8.2.1 to find the value of C ′v. A valve 
without choke is fully open in the region above line C″–D, while a valve 
with upstream choke is fully open above C ′–D; but, because the seat of  
the valve with upstream choke is usually large, a small stem movement will 
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cause the ball seat area (frustum) to be larger than the area of the choke. The 
gray area in Fig. 8.34 (A′–C ′″–C ′–D) represents the zone in which the valve 
is sufficiently open so that the area of the downstream ball seat frustum is 
larger than the area of the upstream choke. This is due to the fact that the 
area of the seat is greater than the area of the choke. A modified version of 
the simple model presented in Section 8.2.1 can then be used to find the flow 
coefficient: for practical purposes, the throttling flow region will only be 
A–B′–C ′″–A′. For the region above line A′–C ′″ the ball is sufficiently away 
from the seat so that it is the area of the choke the one that is restricting the 
flow. The problem is limited then to only find (from dynamic tests) the posi-
tion of the line A′– C ′ to be able to predict the gas flow rate in the gas lift 
design for a given combination of seat and choke diameters.

8.5 ORIFICE VALVES WITH SPECIAL 
GEOMETRY SEATS
The flow coefficient of a seat or orifice depends not only on its diameter but 
also on its general geometry. As described in previous sections, the thickness 
of the seat (or longitudinal length of a choke) affects the flow coefficient. If 
the longitudinal length of a choke is short, its flow coefficient is greater than 
the one for a choke of the same diameter with a longer longitudinal length. 
Another aspect that affects the flow coefficient is the internal, longitudinal 
shape of the orifice. Winkler and Camp studied the effect of the entrance 
angle of tapered seats, see Fig. 8.32a, b. For 60 and 45 degree tapered seats, 
they found the discharge coefficients to be 10 and 6% greater than those 
for sharp-edged seats, respectively. A study performed by the author of this 
book, using orifices with the geometry shown in Fig. 8.35, demonstrated 
that this type of orifice presents important deviations with respect to the 
performance of standard seats that are worth mentioning.

Fig. 8.36 shows the comparison between the discharge coefficients for the 
Thornhill–Craver equation back-calculated from the data obtained with 
16/64-in. diameter seats and those obtained with the special geometry 
seat shown in Fig. 8.35, which had an entrance diameter slightly greater 
than 16/64 in. The theoretical value of the discharge coefficient used in the 
Thornhill–Craver equation for 16/64-in. diameter seats is also shown in the 
figure (the constant value or horizontal line). The measured gas flow rates 
using the special geometry seat, together with the gas flow rates calculated 
with the Thornhill–Craver equation for a standard seat of diameter equal to 
the entrance diameter of the special geometry seat, are shown in Fig. 8.37.

In critical flow, the gas flow rate for the special geometry seat is less than 
the flow rate for a sharp-edged seat. This is due to the length of the special 
geometry seat; however, in subcritical flow, the gas flow rate is greater for 

■■ FIGURE 8.34 Dynamic behavior of 
valves with upstream chokes.

■■ FIGURE 8.35 Dimensions of the special 
geometry seat studied by Hernandez.
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the special geometry seat than the one for sharp-edged seats. It can also 
be noticed that the pressure ratio for critical flow is greater for the special 
geometry seat, which is an important feature to stabilize the flow of a well 
when the difference between the production and the injection pressures is 
very small. If the diameter of the special geometry seat (from which the 
results presented in Fig. 8.37 were obtained) was slightly increased, the gas 

■■ FIGURE 8.36 Comparison of the discharge coefficients.

■■ FIGURE 8.37 Measured and theoretical gas flow rates using special geometry valves.
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flow rate could be the same as the one obtained for a standard seat but with 
a better performance in subcritical flow.

There are orifices with the shape shown in Fig. 8.38 that offer a better per-
formance than the one presented in Fig. 8.35 (regarding the increase in the 
gas flow rate capacity and the increase of the pressure ratio to achieve critical 
flow) but they are more expensive and, additionally, the problem with these 
special geometries (in Figs. 8.35 and 8.38) is that the gas flow rate cannot be 
varied with the flexibility that standard seats can provide (the gas flow rate 
is reduced to a very narrow range of values for a given injection pressure).
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9
Design of continuous  

gas lift installations

As mentioned in several places in this book, gas can be injected into a gas 
lift well in a continuous or intermittent manner. Continuous gas injection is, 
by far, the most widely used way of injecting gas for lifting purposes. This 
chapter focuses on the different continuous gas lift design techniques that 
are more commonly used today in the oil industry.

Continuous gas lift design consists in carrying out the following calculations:

j Finding the depths of the unloading valves and the operating point 
of injection by means of a calculation procedure known as “mandrel 
spacing.” Unloading valves are valves located above the operating 
valve and their function is limited to injecting gas during the unloading 
process only. They must be closed once the unloading of the well 
is completed (the unloading process is described further in this 
introduction). The operating valve is the one through which gas is 
injected during the normal operation of the well. The depth of the 
operating point of injection, the final injection gas flow rate, and the 
liquid production of the well should be known prior to performing 
mandrel spacing calculations and their determination is the initial 
part of the design process, which is covered in chapter: Total System 
Analysis Applied to Gas Lift Design.

j Calculating the unloading liquid production and the required injection 
gas flow rate for each of the unloading valves.

j Finding the seat diameters of the unloading and operating valves 
so that the right gas flow rate passes through each valve during 
the unloading process and during the normal operation of the well 
(after it has been unloaded). If the correct injection gas flow rate 
and valve’s seat diameter are determined, the operating pressure of a 
given unloading valve (which is the pressure needed to uncover the 
next valve below it) should be maintained at its design value while 
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unloading through that particular unloading valve. If the seat is too 
large, the gas flow rate through the valve will also be large and, in 
consequence, the injection pressure drops and it might not be possible 
to uncover the next valve below unless the surface gas flow rate is 
increased above its design value for that particular unloading valve. On 
the other hand, if the seat diameter is too small, the required injection 
pressure needed to pass the calculated gas flow rate could be too high 
and an upper valve might open.

j Determining the opening and closing pressures of the unloading 
and operating valves; from these pressures, the test-rack calibration 
pressures can be calculated. The calibration of the valves is done in 
such a way that each unloading valve sequentially closes, and remains 
closed, as the unloading process continues down the well until the 
operating valve is reached and all the gas is injected through this valve, 
at which time all unloading valves should be closed.

Unloading valves are necessary because the available injection pressure is 
usually not high enough to reach the deepest possible point of injection with 
only one valve. Fig. 9.1 shows the “pressure–depth” diagram that can be 
used to illustrate this fact. During the unloading process, the liquid accumu-
lated in the casing-tubing annulus is displaced by the injection gas into the 
tubing until the operating valve is uncovered. Usually, the operating point is 

■■ FIGURE 9.1 Pressure profile before unloading.
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located at the deepest depth that can be attained by the unloading procedures 
explained in this chapter. The deeper the point of injection is, the larger the 
liquid production can become because lower bottomhole flowing pressures 
can be achieved. Many times though, the deepest point of injection cannot 
be reached, not only for not having a sufficiently high injection pressure, but 
also because the subsurface gas lift equipment might not be able to with-
stand the high temperatures and pressures encountered at that depth or the 
tubing string has a very large inclination angle.

The production tubing string and the casing-tubing annulus of the well in 
Fig. 9.1 are completely filled with liquids. The hydrostatic pressure of the 
liquid in the production tubing plus the wellhead pressure, Pwh, results in 
a very large bottomhole static pressure, PBH, which is greater than the gas 
injection pressure at depth, Piod. If a compressor capable of increasing the 
surface injection pressure to a value equal to Pioh is available, it would not be 
necessary to use unloading valves because all that would be required is to in-
stall an orifice at the deepest point to unload the well and leave it operating at 
that point; however, the cost of compression could be considerably increased 
and, furthermore, this very high pressure would only be necessary during the 
unloading of the well (once the well is unloaded, the “operating” injection 
pressure will be much lower and very close to Pio). Therefore, it is convenient 
to find ways of unloading the well using the maximum unloading injection 
pressure that will be as close as possible to the normal operating injection 
pressure of the well after unloading it, reducing in this way the costs of gas 
compression and transportation. In certain places, such as offshore oilfields, 
where it is extremely difficult to run in or pull out gas lift valves by wireline 
jobs or where gas lift valves are not able to withstand the high production 
pressures found in the well, some operating companies use a small-volume, 
high-pressure compressor for the unloading process only and a low-pressure, 
high-volume compressor for the normal operation of the wells. The wells 
then have only one orifice at the desired point of injection. But in the great 
majority of wells, where wireline operations are neither costly nor difficult to 
perform, it is far more practical to install unloading valves instead of having 
expensive, high-pressure compressors and special surface gas lines.

Even though the static reservoir liquid column level might be hundreds or 
thousands of feet below the wellhead, it is always advisable to perform de-
sign calculations assuming that the static liquid level is at the wellhead. 
This would guarantee the unloading of the well for the worst-case scenario. 
However, there are places where the available injection pressure is so low 
that it becomes necessary to start the design from the static liquid level and 
not from the surface. This point is addressed in Section 9.2.8. If a new pro-
duction tubing string is going to be installed in a well where the available 
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gas injection pressure is low, it is a good idea to space the mandrels as if the 
static liquid level is at the surface but installing dummy valves in the man-
drels above the static liquid level and designing the unloading valves for the 
mandrels below. When designing the unloading valves from the static liquid 
level, it is important to install an unloading valve right at the static liquid 
level, or just above it (in this way, the well can be unloaded through this 
valve as the liquid in the annulus between this valve and the one right below 
it are being displaced into the tubing).

Mandrel spacing can be started at the static liquid level (without installing 
an unloading valve at that point) only in cases where the available injection 
pressure is extremely low and it is absolutely certain that the reservoir will 
absorb (reasonably fast) liquids accumulating in the tubing. When the liq-
uids in the annulus between the static liquid level and the first valve below 
it are displaced into the tubing, a long liquid column in the tubing will form 
and its hydrostatic pressure could become equal to the injection pressure in 
the annulus so that the unloading process is momentarily stopped. But this 
liquid column can be absorbed by the reservoir, eventually reaching a point 
in which the unloading of the well can be reassumed. This procedure should 
not be attempted when the liquids in the well might cause formation damage 
or the waiting time is excessively long.

It is important to install a two-pen chart recorder at the wellhead or have the 
supervisory control and data acquisition (SCADA) system register the unload-
ing process. The two-pen pressure chart (or the printed or electronically stored 
pressure trend from the SCADA system) should be kept in the well’s file for 
future reference. If the well is filled with completion fluids that could damage 
the formation or the gas lift valves, the well should be circulated with clean flu-
ids using circulating valves instead of gas lift valves. A standing valve should 
also be installed at the bottom of the production tubing string while the well is 
being circulated with clean fluids.

It is important to increase the surface injection pressure very slowly at the 
beginning of the unloading process (before reaching the first unloading 
valve). If it is not done with care, it is easy to increase the surface injec-
tion pressure (at the wellhead) to line pressure without allowing sufficient 
time for the fluids in the annulus to be displaced into the tubing having, as 
a result, a pressure drop across each unloading valve approximately equal 
to the line pressure Pio, minus the wellhead pressure Pwh, see Fig. 9.2. This 
is not recommended because gas lift valves are designed to pass gas and not 
liquids. Liquids can erode gas lift valves, especially if the liquids travel at 
very high velocities. On the other hand, even if the completion fluids had 
been circulated with clean fluids, there is no way of being certain that the 
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fluids in the well are free from abrasive particles. Unloading valves leaking 
gas through cut seats are very common. Even though these gas leaks are 
usually unimportant, sometimes they could cause serious problems, reduc-
ing the efficiency of the lifting process or not allowing the unloading of the 
well at all. Besides cut seats, the check valve inside the gas lift valve can 
also be eroded, compromising the integrity of the completion and allowing 
liquids to flow from the production tubing into the casing-tubing annulus. 
The liquid flow rate through a gas lift valve should not be greater than one 
barrel per minute to avoid damaging the valve.

Due to the hydrostatic pressure of the liquids in the annulus and in the tub-
ing, at the beginning of the unloading process most gas lift valves (if not all) 
are open and it is very important to maintain a very low injection gas flow 
rate at the surface so that the pressure drops across the gas lift valves are 
very small, as can be appreciated in Figs. 9.3–9.5.

Fig. 9.6 shows what happens when the first valve is uncovered and injection 
gas enters the production tubing through this valve: the production pressure 
along the tubing decreases, causing an increase in the pressure drop across 
the unloading valves. But this increment in the pressure drop is not very 
important once the first valve has been uncovered because the liquid veloci-
ties through the valves below the first one are lower due to the fact that only 
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■■ FIGURE 9.2 Excessive pressure drop across the unloading valves caused by unloading 
the well at a very high surface injection gas flow rate at the beginning of the unloading 
process.
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■■ FIGURE 9.4 The liquid level is approaching the first valve.

■■ FIGURE 9.3 Liquid level in the annulus halfway between the wellhead and the first unloading valve.
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■■ FIGURE 9.5 Just before uncovering the first valve: at this point the injection pressure reaches its 
maximum value during the unloading of the well.

■■ FIGURE 9.6 Injection through the first gas lift valve is just beginning.
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a small fraction of the gas that is injected into the annulus at the surface 
now goes to lower the liquid level in the annulus, while the rest of the gas is 
injected through the first valve to decrease the production tubing pressure. 
The wellhead production pressure increases because of the increase of the 
friction pressure drop along the flowline. The bottomhole flowing pressure, 
Pwf, decreases but not necessarily to the required level at which liquids from 
the reservoir begins to flow into the well. The injection pressure, Pio, is at 
its highest possible value, known as the “available injection pressure” or 
“operating pressure of the first valve,” which must be equal to the manifold 
injection pressure minus the usual pressure fluctuations at the manifold and 
minus a differential pressure that would allow the required gas flow rate 
while unloading through the first valve (this differential pressure is, most of 
the time, not smaller than 50 psi).

The concept of a “kickoff pressure” is used in mandrel spacing calculations. 
This is a pressure higher than the operating pressure for the first unloading 
valve (which is the shallowest unloading valve in the well). The kickoff 
pressure is used only to space the first valve deeper in the well and it is usu-
ally equal to the average manifold pressure; however, not all designers use 
this pressure in mandrel spacing calculations.

After gas injection is achieved through the first valve, the gas flow rate can 
be set at its final “target” value and the well should be able to unload with-
out problems because this gas flow rate is larger than what it is usually 
required during the rest of the unloading process. However, under special 
circumstances, it may not be possible to reach the desired operating point of 
injection without momentarily increasing the gas flow rate at values greater 
than its final design value (due, for example, to an unloading valve with an 
oversized seat or because the well is capable of a higher-than-anticipated 
liquid production; these problems are usually, but not always, solved by 
temporarily injecting gas at the surface at a higher rate). For wells that can 
produce on natural flow and gas lift is only used to boost their liquid produc-
tion, it is a good practice to keep a low injection gas flow rate throughout the 
unloading process. In these cases, the well should be opened to production 
(before initiating gas injection into the casing-tubing annulus) and let the 
well flow on its own until the liquid level in the annulus has stabilized at its 
equilibrium point.

Fig. 9.7 shows what happens at the moment just before uncovering the second 
valve. The pressure drop across the first valve is very large but only gas is flow-
ing through it. The pressure differentials across the second and third valves con-
tinue to be small. The bottomhole pressure has further decreased and it might be 
possible that liquids from the reservoir are now flowing into the well.
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Fig. 9.8 shows what happens when gas begins to flow through the second 
valve and the first valve closes. Momentarily, gas is injected through the 
first and second valves at the same time. This lowers the injection pres-
sure because the gas flow rate at the surface is less than the one that enters 
the tubing through the two uncovered gas lift valves. If the first valve is 
an injection-pressure-operated (IPO) valve, then the reduction of the injec-
tion pressure makes the first valve close. If the first valve is a production-
pressure-operated (PPO) valve, then it will close because of the reduction in 
the production tubing pressure that is achieved when gas injection is initi-
ated through the second valve. If the first valve is a nitrogen-charged valve, 
its closing pressure will increase because its temperature is raised as warmer 
liquids from lower parts of the well are produced and this helps keeping this 
valve closed during the remaining part of the unloading of the well. Once 
the first valve closes, the injection pressure settles at a predetermined value 
below the operating pressure of the first valve if the valve is IPO (as shown 
in Fig. 9.8) or at the constant design injection pressure if the valve is PPO 
(not shown). In any case, the seat diameter of the second valve is sized in 
such a way that this new operating pressure is maintained until the third 
valve is uncovered.

The calibration of the valves at different opening pressures is what causes 
the valve to close in a sequential manner. For sequential pressure drops of 
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■■ FIGURE 9.7 Just before uncovering the second valve (gas is not being injected 
through it yet).
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the injection pressure, once the first valve is closed, the injection pressure 
is maintain at a value lower than the operating pressure of the first valve 
because the seat of the second valve has been designed to allow the re-
quired gas flow rate at this new operating pressure. If the second valve is 
mistakenly designed with a small seat, the injection pressure might increase 
when trying to pass the design gas flow rate through the second valve. This 
might cause the first valve to remain open. If, on the other hand, the second 
valve’s seat is too large, the injection pressure might drop to a very low 
value that might cause the unloading process to stop for not having an injec-
tion pressure high enough to reach the third valve. This latter problem could 
be overcome by temporarily increasing the surface injection gas flow rate to 
increase the injection pressure and allow the unloading process to continue. 
The unloading of a well is then a dynamic process that can be accomplished 
by the correct calibration of each unloading valve and the precise selection 
of their seat diameters.

Finally, Fig. 9.9 shows the well fully unloaded, with the first and second 
valves closed and the injection gas passing through the third valve only.

As can be seen in Fig. 9.9, the final injection pressure is similar to the 
maximum required injection pressure for the unloading process. As 
mentioned previously, reaching the deepest possible injection point is  
necessary to achieve the lowest bottomhole flowing pressures so that large 
liquid productions from the reservoir can be obtained; however, the “de-
sired” point of injection at a given time might not be the deepest point that 

■■ FIGURE 9.8 Gas is injected through the second valve.
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can be attained with the current available injection pressure and gas lift 
equipment because there might be many reasons for “voluntarily” having 
an upper final point of injection. It might be necessary to maintain a lower 
liquid production to avoid water coning or sand production, or to provide 
adequate reservoir pressure maintenance, or due to market and/or surface 
facilities restrictions, etc.

When it is desired to keep the liquid production at lower than feasible val-
ues, it is possible to do so by reducing the gas flow rate even if all the gas 
is injected through the deepest point of injection. But this could cause in-
stability problems or simply the desired low liquid production might not be 
possible to achieve. For this reason, when designing a well to produce below 
its full potential, it is better to place the design point of injection above 
the deepest possible point but installing mandrels below this shallow injec-
tion point to lower the point of injection in the future, when a larger liquid 
flow rate might be desired or when the reservoir pressure has declined. The 
“design point of injection” has a series of considerations that are not neces-
sary for the unloading valves. These considerations are described for each  
design procedure presented in this chapter and they are implemented to re-
duce the causes of instabilities and provide the means for positive identifica-
tion when gas is indeed being injected through the design point of injection.

As it has been pointed out previously, the injection gas flow rate must be 
kept at low values before reaching the first unloading valve that would allow 
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■■ FIGURE 9.9 Unloading completed.
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gas injection into the production tubing, which does not necessarily has to 
be the shallowest valve because if, for example, the reservoir pressure is 
very low (and the liquid level in the annulus is very deep), the annular pres-
sure does not have to increase to the opening pressure of the first valve and 
gas injection is usually initiated through the second or third unloading valve, 
which are valves that will open at lower injection pressures if they are IPO 
valves. Some operators follow these general recommendations: increase the 
wellhead injection pressure at 300 psi/h until reaching 400 psi, at which 
time the increase in pressure can be set at 400 psi/h until starting gas injec-
tion through the first valve that would allow gas flow into the tubing. Then, 
increase the gas flow rate to 50 or 60% of the final gas flow rate for 12–18 h 
and finally set the injection gas flow rate at its design value for the normal 
operation of the well (but many operator simply increase gas injection to the 
design injection gas flow rate as soon as the injection gas starts to flow into 
the tubing). Unloading valves above the static liquid level are usually de-
signed based on an unloading liquid flow rate less than or equal to 200 Br/D 
to avoid damaging the gas lift valves.

If gas lift is being implemented in wells that are capable of producing on 
natural flow with the sole purpose of boosting their liquid production, it is 
important not to follow the recommendations given in the previous para-
graph because they could lead to valve failures: as soon as the well is opened 
to production (even before injecting any gas into the casing-tubing annulus), 
the production tubing pressure will decrease because the well starts to flow, 
causing liquids from the annulus to flow into the tubing at rates that can be 
very large. If this is the case, it is recommended to open the well to produc-
tion by opening the wellhead production choke very slowly and then allow 
the well to produce on natural flow for several hours before initiating gas 
injection into the well. These types of wells should be dynamically modeled 
(using currently available advanced software) to determine how to perform 
the unloading operation.

The unloading design calculations, as rigorous as they might be, never reveal 
what in reality takes place during the unloading operation of a gas lift well. 
This is due to many factors: (1) multiphase flow correlations are not very 
precise and they had been developed for steady state conditions, (2) fluid 
properties such as the water cut or the gas/oil ratio are usually not very well 
known, and (3) the data needed to calculate the inflow performance relation-
ship (IPR) curve are many times inaccurate, etc. For all these reasons, it is a 
good practice to test the well at different injection gas flow rates right after 
the gas lift valves have been installed and the well has been unloaded and it 
is under normal operation. In this way, the well’s true production potential 
and gas lift requirements are determined. It is also important to verify, by 
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means of troubleshooting analyses, if the design point of injection depth has 
indeed been reached.

The continuous gas lift design procedures most frequently used today in the 
oil industry are presented in this chapter. The best-suited type of design for a 
particular well depends on the kind of gas lift valve being used, the available 
injection pressure and injection gas flow rate, and the amount and accuracy 
of the available reservoir data.

9.1 DETERMINATION OF THE OPERATING 
INJECTION POINT DEPTH, TARGET INJECTION  
GAS FLOW RATE, AND THE LIQUID FLOW RATE  
THE WELL CAN PRODUCE
The “operating” point of injection depth is defined as the depth of the oper-
ating valve, which is the only one that should be passing injection gas after 
unloading the well. Several methods that can be used to find the operating 
point of injection depth are described in this section. The right method to 
use depends on the sophistication level of the computer software being used 
for design calculations and on the amount and quality of the available data.

9.1.1 Iterative procedure
The determination of the operating injection point depth and liquid produc-
tion for a given “operating” injection pressure is explained in detail in chapter: 
Total System Analysis Applied to Gas Lift Design. The reader is advised to 
review Section 5.1 (especially the points regarding the “constant-injection-
gas-flow-rate equilibrium curves” that are presented in chapter: Total System 
Analysis Applied to Gas Lift Design, to explain Fig. 5.31) to understand the 
explanations given here. Fig. 9.10 shows the result obtained after doing the cal-
culations explained in chapter: Total System Analysis Applied to Gas Lift De-
sign, to find the injection point depth for a given “estimated” operating injec-
tion pressure. This estimated operating pressure is found in the following way:

j The usual system pressure fluctuations are subtracted from the 
manifold average available pressure. This gives the minimum pressure 
that can be found at the manifold.

j A differential pressure, usually not less than 50 psi, is subtracted from 
the minimum manifold pressure. This pressure differential is required 
because it will allow a range of injection gas flow rates available at the 
moment the first valve is uncovered.

j For IPO gas lift valves, the injection pressure drop per valve times the 
possible number of unloading valves to be installed should be further 
subtracted from the pressure obtained in the previous point. Because 
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the number of valves the well might require is not known a priory, the 
gas lift design is an iterative procedure.

As it was indicated in chapter: Total System Analysis Applied to Gas Lift 
Design, to obtain the graph shown in Fig. 9.10, a pressure differential of 
100 psi should be subtracted from the estimated operating injection pres-
sure. This pressure drop represents the pressure drop across the gas lift 
valve. Some designers prefer to use 200 or 250 psi instead of 100 psi to 
avoid well instability problems. In any case, the pressure drop across the 
gas lift valve should not be smaller than 10% of the operating injection pres-
sure at valve’s depth to avoid the problems described in chapter: Gas Flow 
Through Gas Lift Valves, see Fig. 8.4.

The gas flow rate corresponding to the maximum liquid flow rate in Fig. 9.10 
could be considered as the design injection gas flow rate, but a lower gas flow 
rate might be selected if gas compression and water handling costs are consid-
ered. In any case, the calculations described in chapter: Total System Analy-
sis Applied to Gas Lift Design simultaneously determine the injection gas 
flow rate, the liquid production flow rate, and the depth of the point of injec-
tion, for a given operating injection pressure. The curves shown in Fig. 9.10 
correspond to an “estimated” operating injection pressure. The selected in-
jection gas flow rate is used to generate the “constant-injection-gas-flow-rate 
equilibrium curve” that is used in the iterations that are explained in the next 
paragraphs to find the definite (or realistic) point of injection depth and its 
corresponding operating injection pressure. Usually, commercially available 

■■ FIGURE 9.10 Results of the calculation procedure to estimate the maximum liquid 
flow rate, optimum injection gas flow rate, and the deepest point of injection for a 
given operating injection pressure (from chapter: Total System Analysis Applied to Gas 
Lift Design).
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computer programs carry out the iterations for the injection gas flow rate 
selected by the user. However, it is up to the user to verify if the gas flow  
rate is still adequate for the final operating injection pressure, especially 
if this final operating pressure is too different from the one considered in 
the calculations to get the results presented in Fig. 9.10 (from which the 
estimated injection gas flow rate was found).

To perform the iterations, the program only requires the injection gas flow 
rate because the operating injection point depth, the final operating injection 
pressure, and the production liquid flow rate are found from the iteration pro-
cess itself. At the beginning of the iterations, the program sets the operating 
point of injection depth at the deepest possible point and, by nodal analysis, 
the liquid production the well can provide (with this point of injection depth 
and selected gas flow rate) is calculated. This determines the production-
pressure-traverse curve to perform the mandrel spacing procedure for the 
first iteration. As it is shown in chapter: Total System Analysis Applied to 
Gas Lift Design, the production pressure at the point of injection must be 
on the equilibrium curve determined for the selected injection gas flow rate. 
Fig. 9.11 shows the equilibrium curve for the selected injection gas flow rate, 
together with the production-pressure-traverse curve that is obtained with 
the initial point of injection, known as point “1.” As indicated previously, 
“constant-injection-gas-flow-rate equilibrium curves” are explained in chap-
ter: Total System Analysis Applied to Gas Lift Design. In Fig. 9.11, Pinj min 
is the operating surface pressure that should be obtained at the end of the 
first mandrel spacing calculations. If this pressure obtained from the mandrel 
spacing calculation is equal to the “estimated” operating injection pressure 
(from which Fig. 9.10 was built), then iterations are not required because the 
estimated depth of the operating point of injection was correct. The pressure 
drop across the valve, ∆Pvalve, should be considered to provide a differential 
pressure to be able to pass the required gas flow rate through the gas lift valve. 
As previously indicated, this pressure drop should be at least 100 or 200 psi 
(depending on the preference of the designer and on general operational con-
ditions to avoid well instabilities). If the operating point of injection depth 
at the end of the first mandrel spacing calculations turns out to be above the 
initially estimated depth, a new point of injection should be set above the 
initially estimated point of injection “1” and then continue with the iterations.

Fig. 9.12 shows the results of the first mandrel spacing procedure, using any 
of the mandrel spacing methods that are described later in this chapter. As 
can be seen, the initial point depth was too deep and the mandrel spacing 
calculations gave a point of injection depth “2” that is much higher up in the 
well; therefore, the initial operating pressure was unrealistically estimated. 
As it is explained in this chapter, a particular mandrel spacing procedure 

9.1  Operating valve
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is stopped when the distance between two consecutive mandrels is short-
er than a specified minimum distance (given by the designer) or when the  
difference between the injection pressure and the production pressure  
is smaller than a certain pressure drop specified also by the designer.  
Pinj min in Fig. 9.11 should not be confused with Pinj in Fig. 9.12; Pinj min is the 
estimated “operating” injection pressure (after a particular mandrel spac-
ing calculation is finished), while Pinj in Fig. 9.12 is the “initial” injection 

■■ FIGURE 9.12 Result of the first mandrel spacing: depth no. 2.

■■ FIGURE 9.11 Iterations to find the depth of the point of injection: initial injection 
point depth “1.”
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pressure to start a particular mandrel spacing procedure, also known as the 
kickoff pressure in some cases.

If the estimated point of injection has been reached (none of the two situa-
tions given in the previous paragraph to stop mandrel spacing are met) and 
the injection pressure is still high enough to continue the mandrel spacing 
procedure, a deeper point of injection should be selected, unless the maxi-
mum possible point of injection has already been reached.

A new point of injection at depth “3” (between depths “1” and “2”) is then 
selected. A new pressure-traverse curve is calculated for this new injection 
point using nodal analysis with the same injection gas flow rate that was 
used at point of injection “1.” As can be seen in Fig. 9.13, because point of 
injection “3” is higher up than point “1,” by nodal analysis it is found that 
the liquid flow rate is now lower, so the production pressure is also lower 
in a large portion of the tubing compared to the production pressure for 
the first point of injection. This lower pressure in turn allows the mandrel 
spacing procedure to reach a point of injection deeper than achieved by 
the first mandrel spacing. The new depth of the second spacing, depth 4, 
is close to the second estimated depth “3.” The iterative process continues 
(with a constant injection gas flow rate) until the latest estimated depth and 
the one obtained from the mandrel spacing procedure coincide with each 
other within a given margin of error. Because this process is based on nodal 
analysis, once the injection point depth is found, the liquid flow rate is si-
multaneously calculated.

9.1  Operating valve

■■ FIGURE 9.13 Result of the second mandrel spacing: depth no. 4.
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Finally, if the iterations converge to a point of injection depth that is very 
different from the one found initially with an unrealistic operational injection 
pressure (estimated in Fig. 9.10 as explained in chapter: Total System Analy-
sis Applied to Gas Lift Design), the designer must verify if the injection gas 
flow rate used during the iterations is adequate for this final injection point 
depth. Usually, if the initial operating injection pressure was realistically de-
termined, the final point of injection depth at the end of the iterations should 
not be too different from the one estimated in Fig. 9.10. Fig. 9.14 shows the 
improvement that could be obtained if the injection gas flow rate is adjusted 
at the end of the iterations (this must be done by the designer).

Referring to Fig. 9.14, with the initially estimated operating injection pres-
sure Pinj initial, an initial depth, Dinitial, is reached but after the iterations, the 
operating injection pressure Pinj final turned out to be lower, for which the final 
injection point depth is Dfinal. Because depth Dfinal has been obtained using 
the optimum equilibrium curve for the initial injection gas flow rate, it is seen 
in Fig. 9.14 that it is possible to reduce the friction pressure drop and reach 
a deeper point of injection “Dopt” (increasing the liquid production at the 
same time) by reducing the gas flow rate to the optimum gas flow rate cor-
responding to the more realistic injection pressure Pinj final. Fig. 9.15 shows, 
in a graphical way, what happens when estimating the new optimum gas flow 
rate corresponding to Pinj final in comparison to the optimum gas flow rate cor-
responding to Pinj initial. A new iteration (which should converge very fast) to 
find the injection point depth using the new gas flow rate must be performed.

■■ FIGURE 9.14 Equilibrium curves for different injection gas flow rates.
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As can be seen in Fig. 9.15, the initial gas flow rate, Qgi iterations, is the best 
choice if it were possible to reach Dinitial with pressure Pinj initial, but because 
a more realistic pressure is Pinj final, it is better to perform the iterations with 
the gas flow rate shown in the figure as Qgi opt, that would allow reaching 
a deeper injection depth Dopt (compared to the depth found in the iteration, 
Dfinal) and a greater liquid flow rate, QLopt. With Qgi iterations the well would be 
over injected and, in consequence, the bottomhole flowing pressure will 
be greater due to larger friction pressure drops along the tubing and flowline.

9.1.2 Fixed drawdown or fixed liquid production
There are less sophisticated computer programs that do take into consid-
eration the IPR curve but do not calculate a different liquid flow rate if the 
injection pressure is not high enough to reach the desired point of injection. 
In other words, they do not perform the iterations described in the previous 
section.

With this type of computer program, the user introduces the injection gas 
flow rate and, additionally, either the well’s liquid production, QLX, or the 
bottomhole flowing pressure, Pwfx (if the user enters the bottomhole flowing 
pressure, the program calculates the liquid production from the IPR curve 
and vice versa). The program calculates the injection point depth using the 
nodal analysis procedure shown in Fig. 9.16 by iteration: the program finds 
the point of injection depth that makes the outflow curve intersect the IPR 
curve precisely at point (QLX, PwfX). This option is then very useful if it 
is desired to maintain the liquid flow rate at less than a certain maximum 
value, possibly because of: (1) low production requirements, (2) problems 

9.1  Operating valve

■■ FIGURE 9.15 Liquid flow rates, injection gas flow rates, and point of injection depths 
for two operating injection pressures.
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handling produced water, (3) the bottomhole pressure should be kept high 
to avoid sand production or water coning, etc.

For a given liquid flow rate (or drawdown) and an injection gas flow rate, 
there exists one and only one depth of the point of injection that can be 
calculated as shown in Fig. 9.16. If the mandrel spacing procedure cannot 
reach the point of injection calculated by nodal analysis in this way (man-
drel spacing stops when the distance between two consecutive mandrels is 
shorter than a specified minimum distance, given by the designer, or when 
the difference between the injection pressure and the production pressure 
is smaller than a certain pressure drop specified also by the designer), the 
program simply indicates the maximum injection point depth found and  
the user should then make the necessary adjustment to reach the desired 
point of injection or select a smaller liquid production or drawdown. If the 
minimum pressure gradient in the production tubing has not been reached, 
it might be possible to space the mandrels down to the calculated point 
of injection by increasing the injection gas flow rate. Another possible 
adjustment is achieved by reducing the sequential injection pressure drop 
per valve if the unloading valves are IPO valves. If none of the adjustments 
are capable of spacing the mandrels down to the calculated point of injec-
tion, the liquid production flow rate must be decreased until the point of 
injection calculated by nodal analysis with the new liquid flow rate can be 
reached by the mandrel spacing procedure.

9.1.3 Constant liquid production
All of the design procedures described previously can only be accomplished 
if the IPR curve of the well is known. But commercially available computer 
programs offer the option of considering a constant liquid production (given 

■■ FIGURE 9.16 Either the liquid flow rate or the bottomhole flowing pressure are 
known and the program calculates the injection point depth.
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by the designer) in case the IPR curve is not known or it is not desired to use 
it. This is helpful in exploratory wells for which the IPR curve is unknown. 
But this option can also be used if the designer is certain of the liquid flow 
rate the well can produce. In this case, besides the liquid flow rate, the user 
must enter the injection gas flow rate, the point of injection depth, and the 
outlet pressure, which could be the wellhead pressure or, if the effect of 
the flowline is considered, the pressure at the separator. The gas flow rate 
is usually selected by the designer so that the minimum pressure gradient 
curve is attained along the production tubing. The program then performs 
the production pressure calculation along the production tubing string from 
the known outlet pressure to the bottom of the well, assuming that the in-
jection point depth is the one indicated by the user. This production tubing 
pressure is then used to perform the mandrel spacing procedures that are 
explained in the next section. The injection point depth is simply the one 
where the mandrel spacing procedure stops due to the causes already men-
tioned: (1) that the minimum distance between two consecutive mandrels 
has been reached, (2) that a minimum pressure drop across the gas lift valve 
has been obtained or, in this case, (3) that the desired point depth supplied 
by the user has been reached.

9.2 GAS LIFT MANDREL SPACING PROCEDURES 
AND VALVE DESIGN CALCULATIONS
The heart of a gas lift design is the procedure known as “mandrel spacing” 
which is used to find the depths of the unloading valves and to determine, at 
each of these valves, the following parameters:

1. The unloading liquid flow rate.
2. The required unloading injection gas flow rate.
3. The valve seat diameter to be able to pass the required injection gas 

flow rate.
4. The test-rack calibration opening or closing pressure, as the case might 

be, that will allow the unloading valves to close in a sequential manner 
as the unloading of the well proceeds, leaving only the operating valve 
open when the unloading of the well is completed.

Mandrel spacing is presented in detail in this section. This operation de-
pends on the type of gas lift valve that will be installed in the well and on 
the quantity and quality of the information available to perform the design. 
The starting point for mandrel spacing calculations is to find the production-
pressure-traverse curve, the kickoff injection pressure and the operating in-
jection pressure for the first valve. The production-pressure-traverse curve 
is determined from the liquid production, which is either given by the user 
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(constant-liquid-flow-rate option) or it is calculated by the program using 
the iterative procedure explained in the Section 9.1 (in either case, this liq-
uid production will be the final liquid production the well will have after 
the unloading operation is completed). The kickoff and operating injection 
pressures depend on the gas lift system as explained in the next paragraphs.

The final production-pressure-traverse curve is used only as a guide (during 
the mandrel spacing procedures) to find the production pressure (known as 
the transfer production pressure) from which the next deeper valve is located 
(for example, this transfer pressure would be point “1 pt” on the diagram 
shown in Fig. 9.17, to locate the second mandrel starting at the depth of the 
first one). This final pressure-traverse curve is highly recommended for IPO 
valves. Using the final production-pressure-traverse curve as a guide will set 
the production pressures of the unloading valves (for their design calcula-
tions) as close as possible to their actual production pressures during the 
normal operation of the well (once it has been fully unloaded). If the produc-
tion pressures used for the unloading valves in their design calculations are 
smaller than their corresponding final production pressures, then the injection 
opening pressure of each unloading valve will decrease when the well is fully 
unloaded because the actual higher production pressure will help open the 
valve, with the result of lowering its required injection opening pressure. This 
can create instability problems or prevent the well from unloading. Addition-
ally, using the final pressure-traverse curve places the mandrels at shallower 
depths as a safety factor (in comparison to using lower production pressures 
to locate the next mandrel, which could result in mandrels that might be too 
deep to be reached). If, on the other hand, the design production pressure is 
too large compared with the final production pressure at a particular valve, 
then the injection opening pressure will increase as the unloading proceeds. 
This is not a problem and it is actually helpful in preventing valve instabilities; 
the setback in this case is that the next deeper valve will be placed at an un-
necessarily shallower depth. Therefore, using the final production pressure as 
a guide during mandrel spacing and valve design procedures is recommended 
for IPO valves. For PPO valves, it has been found useful to use a design line, 
such as line “Ptd-g” in Fig. 9.29 (instead of the final production-pressure-
traverse curve). The pressures along this type of “design line” correspond to 
pressures that are larger than the actual production pressures once the well 
has been fully unloaded. In this way, each unloading PPO valve will close 
as the production pressure drops from its design value as the well is being 
unloaded. This type of production pressure design lines are sometimes used 
for IPO valves, probably giving a larger number of mandrels than necessary 
but the designs are also usually more flexible (which is specially helpful if the 
data needed for the design is missing or unreliable). Using a larger number 
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of mandrels increases the flexibility of the design but it also increases costs, 
number of potential failure points, and can make troubleshooting the opera-
tion of the well much more difficult. For redesign calculations, explained in 
Section 9.2.7, it is common to use a redesign production pressure line, see 
Fig. 9.49. The design procedure explained in Fig. 9.27 for gas lift valves 
with chokes upstream of the seat is an example of how the design production 
pressure line can be used for IPO valves. With some minor adjustments, his 
same design procedure (with a design production pressure line and constant 
unloading operating injection pressure) is used many a times for normal IPO 
valves (with no upstream chokes) but it has to be used with caution because 
it might promote valve interference, give more mandrels than needed, and 
make troubleshooting the operation of the well more difficult.

9.2.1 Mandrel spacing for IPO valves
Today, the IPO valve is by far the most widely used type of valve to unload 
gas lift wells. This is due to: (1) the fact that the operation of the well (with 
IPO valves) is mainly controlled by the injection pressure, which is easy 
to calculate at any depth from the injection pressure at the surface, making 
it easy to design and troubleshoot the well, and (2) the way in which these 
valves behave, most of the time allowing a smooth and stable unloading and 
general operation.

Mandrel spacing by sequentially dropping the valve’s closing pressure. The 
mandrel spacing procedure by sequentially dropping the closing pressures 
of the unloading valves is explained in this section. This type of method 
guarantees that each unloading valve will close as the unloading proceeds. 
However, this method presents some problems in its implementation that are 
described further. Fig. 9.17 shows this mandrel spacing method. The produc-
tion pressure along the depth of the well should be plotted from the wellhead 
pressure, Pwh, against the true vertical depth and not the measured depth.

The nomenclature used in Fig. 9.17 for the nth valve is as follows: “npd” 
is the production pressure equal to the pressure in the tubing (if the well is 
produced up the tubing) or in the annulus (if the well is produced up the an-
nulus) at the nth valve’s depth; “npt” is the transfer production pressure of 
the nth valve from which the unloading pressure gradient line is traced to 
find the depth of the next deeper valve; “npc” is the valve’s closing injection 
pressure of the nth valve at the operating temperature; “npa” is the valve’s 
opening injection pressure of the nth valve; and “npo” is the valve’s operat-
ing injection pressure of the nth valve, which must remain constant until the 
next deeper valve is uncovered. Points “a,” “b,” “c,” and “d” are the inter-
section points of the unloading pressure gradient lines with the operating 
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injection pressures lines. These intersections are used to define the depths 
of the valves. The analytical way of calculating these intersections is ex-
plained at the end of this section (use Fig. 9.17 as a guide for the following 
paragraphs).

The following steps are performed by computational programs to space gas 
lift mandrels in the well and to design the unloading gas lift valves at each 
step.

j First of all, the kickoff pressure line is found from the kickoff pressure, 
Pko, to determine the depth of the first valve. This kickoff pressure 
is greater than the operating pressure Pop of the first valve and could 
be equal to the average injection manifold pressure. The operating 
pressure, Pop, is, on the other hand, equal to the expected minimum 
manifold pressure minus a differential pressure that will allow sufficient 
gas flow rate to unload the well from the first to the second valve. The 
idea of using Pko is to place the first valve as deep as possible and, 
in this way, reduce the number of mandrels to be run in the well; but 
the calibration of the first valve is determined from the value of the 
available operating pressure Pop. The designer must enter the values 
of Pko and Pop. If these pressures are equal, then the depth and the 
calibration of the first valve are determined from the same pressure. It 

■■ FIGURE 9.17 Mandrel spacing procedure for IPO valves by sequentially dropping the 
injection closing pressure of each unloading valve.
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is acceptable to have a high value of Pko because the injection gas flow 
rate must be very small before reaching the first valve, which means that 
the wellhead injection pressure is very similar to the manifold pressure 
at that time (losses due to friction are very small and a great differential 
pressure at the manifold is not required for such a low gas flow rate 
either). Due to the importance of the kickoff pressure, some companies 
have a temporary external high-pressure source or a high-pressure 
portable compressor used only to kick off the well. However, there are 
operating companies that prefer having more mandrels installed in  
the well to increase the flexibility of their gas lift designs; thus, for  
these companies, the concept of the kickoff pressure as presented 
previously is not relevant because they prefer to use a lower initial 
injection pressure for spacing of the first valve.

j From the initial wellhead pressure, Pd1, a line with a slope equal to the 
unloading-liquid pressure gradient is traced. The unloading pressure 
gradient is usually equal to 0.45 psi/ft. As a safety factor, a large 
unloading pressure gradient is used, independently of the type of fluids 
that are currently in the well, so that in the future it can be unloaded 
with any type of completion fluids. In this way if, for example, the 
water cut increases during the life of the well, the mandrel spacing 
could still (up to a point) be adequate. If the unloading fluid pressure 
gradient (in psi/ft.) is not known, it can be calculated by multiplying 
the weight in pounds of 1 gallon of the unloading fluids by 0.52. 
Pressure Pd1 is less than the wellhead pressure Pwh the well will have 
under normal operation because at the beginning of the unloading 
process the liquid flow rate is very small, so the wellhead pressure 
only needs to be slightly higher than the pressure at the separator. 
However, some designers prefer to trace the unloading pressure 
gradient line from Pwh as a safety factor: this gives a shallower depth 
of the first valve so that it can be reached with lower kickoff pressures 
(in fact, some designers use values of Pd1 greater than Pwh to get an 
even shallower depth of the first mandrel). Sometimes, when the first 
valve cannot be uncovered, the unloading process can be initiated by 
unloading the well to a pit at atmospheric conditions. This allows the 
injection gas to uncover the first valve because the pressure Pd1 is, in 
this case, lower than the pressure at the separator.

j The unloading pressure gradient line from Pd1 intersects the injection 
pressure line from Pko at point “a.” The depth of the first valve is 
then determined by the horizontal line located above intersection “a” 
so that the differential pressure between the injection pressure and 
the production pressure is equal to ∆B (given by the designer) when 
the valve is uncovered, allowing the injection gas from the annulus 
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to flow into the production tubing. The point where this horizontal 
line intersects the production-pressure-traverse curve determines 
the production pressure for the first valve, P1pd. The point where 
the operating injection pressure line that starts at Pop intersects the 
horizontal line determines the valve’s opening injection pressure P1pa. 
In this case (as shown in the Fig. 9.17), the opening injection pressure 
is equal to the operating injection pressure. This is only true for the 
first valve. The operating injection pressure is the pressure that is used 
to find the depth of the second valve. Some designers set the opening 
pressure at a value slightly lower than the operating pressure at depth 
to make sure the first valve will operate in orifice flow and not in 
throttling flow (this point is explained further in this section).

j Then, following the steps that are presented in Section 9.2.3, the 
unloading liquid flow rate and its corresponding required injection 
gas flow rate are determined for the first valve. With the procedures 
that are described in Section 9.2.4, the valve’s and injection gas’ 
temperatures at depth are determined. The next step is to calculate the 
diameter of the seat of the first valve. This seat diameter must be the 
smallest of the available seat diameters capable of passing at least the 
unloading gas flow rate required for the first valve (seats larger than 
this are not recommended for the reasons explained in the following 
paragraphs). To calculate the seat diameter, P1pa is taken as the valve’s 
upstream pressure, while the transfer pressure P1pt (defined in the 
following paragraphs) is taken as the valve’s downstream pressure. 
The calculations required to determine the diameter of the seat are 
presented in Section 9.2.5 and in chapter: Gas Flow Through Gas Lift 
Valves. With the seat diameter already found, the valve’s injection 
closing pressure is calculated with the valve mechanic equations 
presented in chapter: Gas Lift Valve Mechanics. The force–balance 
equation is used to find the valve’s closing pressure P1pc with: (1) the 
area ratio corresponding to the selected seat diameter, (2) pressure 
P1pa as the opening pressure, and (3) the transfer production pressure 
P1pt as the production pressure. The test-rack calibration pressure is 
then determined by finding the dome pressure at 60°F from the dome 
pressure at operating conditions (equal to P1pc) and following the 
steps that are presented in chapter: Gas Lift Valve Mechanics, for IPO 
valves. This is the last calculation required for the first valve. The next 
step is to find the depth of the second unloading valve.

j The unloading pressure gradient line is traced from point P1pt, called 
“transfer pressure” until it intersects the “operating” pressure line of 
the first valve at point “b.” The transfer production pressure P1pt is 
obtained by adding a differential pressure ∆C (given by the designer) to 
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the production pressure P1pd. This constitutes a safety factor that takes 
into account possible errors in the estimation of the production pressure 
of the first valve, placing the second valve (or mandrel) at a shallower 
depth. The depth of the second valve is established by a horizontal line 
located above intersection “b” so that the differential pressure between 
the injection pressure and the tubing pressure is equal to ∆B, for the 
same reasons explained for the first valve. ∆C can be a fixed pressure 
differential or a fixed percentage of the difference between the valve’s 
operating pressure and the production pressure at valve’s depth.

j The calculation sequence required to determine the calibration pressure 
of the second valve is different from the one explained for the first 
valve: now, the surface closing pressure of the second valve is equal 
to the surface closing pressure of the first valve minus a differential 
pressure ∆D, defined by the designer. The surface operating pressure 
of the second valve (which is the pressure that is used to find the 
depth of the third valve), is now equal to the surface closing pressure 
of the first valve. This guarantees that the first valve is closed while 
gas is being injected through the second valve. Some designers use an 
additional safety factor making the surface operating pressure of the 
second valve equal to the surface closing pressure of the first valve 
minus a safety factor that is usually equal to 20 or 30 psi, which is not 
shown in Fig. 9.17. To maintain the operating pressure of the second 
valve constant as the injection gas flows through it, the determination 
of the second valve’s seat diameter is made with the operating pressure, 
P2po, as the pressure upstream of the valve and the transfer production 
pressure, P2pt, as the pressure downstream of the valve, using the 
equations given in chapters: Single and Multiphase Flow Through 
Restrictions and Gas Flow Through Gas Lift Valves. However, it is 
necessary to calculate the required gas flow rate through the second 
valve and its injection temperature before being able to calculate the 
valve seat diameter. The gas flow rate and its temperature just upstream 
of the valve are calculated following the steps that are explained 
in Sections 9.2.3 and 9.2.4, respectively. Once the seat diameter is 
found, the valve mechanic equations explained in chapter: Gas Lift 
Valve Mechanics are used to determine the valve’s opening pressure 
at operating conditions with: (1) the valve area ratio corresponding to 
the selected seat, (2) the valve closing pressure at valve’s depth (from 
the valve’s surface closing pressure determined previously), and (3) 
the transfer production pressure P2pt as the production pressure to be 
used in the force–balance equation. Note that for the second valve, the 
opening pressure needs to be calculated while for the first valve, it is 
the closing pressure that has to be calculated.
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j In the particular case shown in Fig. 9.17, the second valve opening 
pressure ended up being greater than its operating pressure. This is 
not always the case but it might happen and it is one of the problems 
that one might encounter with this type of mandrel spacing technique. 
This is purposely shown in the figure to point out the problem: It is 
not uncommon that the differences between the closing and opening 
pressures (called “spread”) of the first (shallower) valves are greater 
than the spread of the deeper valves. This is due to the fact that the 
production pressures of the upper valves are smaller. This problem 
is even worst for valves with large seats. The larger the seat (and 
therefore the valve’s area ratio), the larger the spread of the valve 
becomes. This is one of the reasons why it is necessary that the seats  
of the unloading valves be as small as possible. Additionally, 1-in. OD  
valves have larger area ratios than 1.5-in. OD valves for a given seat 
diameter. Then, the use of 1-in. OD valves could cause one or several 
upper valves to have opening pressures greater than the operating 
pressures. When the operating pressure is lower than the opening 
pressure, the valve operates in throttling flow and it might not be  
possible to pass the required unloading gas flow rate through the valve.  
In those cases, the problem could be avoided by increasing the closing 
pressure drop per valve, ∆D. But increasing the sequential closing 
pressure drop could make it impossible to reach the desired point of  
injection. It can be seen in Fig. 9.17 that this problem is not present in  
the third valve because the spread of this valve is smaller. One effective  
way of dealing with this problem is by increasing ∆D and, at the same  
time, installing valves above the reservoir static liquid level with small  
valve seats. This might make it longer for the well to unload, but 
the desired point of injection can be reached without having valves 
operating in throttling flow below the static reservoir liquid level  
(where it is really necessary to pass the design unloading gas flow rate).  
At the end of this section, the problem of valves operating in throttling 
flow (for having operating pressure lower than the opening pressure) is 
explained in more detail.

j Calculations for the third and fourth valves are identical to the ones 
for the second valve, with the exception that for the fourth valve 
(considered the “operating” valve in this example) an additional 
closing pressure drop equal to ∆E (defined by the designer and 
usually equal to 30, 50, or 75 psi, depending on the available injection 
pressure) must be provided. A lower closing pressure has the following 
advantages:
❏ Provides a positive identification of the operating point;
❏ It helps closing the upper valves;
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❏ It allows the operating valve to be completely open; and
❏ It enables a wider operating pressure range, in case the required 

injection gas flow rate needs to be greater than its estimated value.
 Most designers prefer to install an orifice valve at the final operating 

point of injection instead of a calibrated valve. This has the following 
advantages:
❏ More flexibility in regard to the operating pressure because orifice 

valves are always open so they will not close at low injection 
pressures;

❏ They are cheaper and do not restrict the gas flow rate (wells that 
require injection gas flow rates above 1.4 MMscf/D should have an 
orifice valve at the point of injection because calibrated valves, in 
most cases, will restrict the gas flow rate); and

❏ They do not fail as easily as calibrated valves do.
 On the other hand, the main disadvantages of having an orifice valve at 

the operating point of injection are:
❏ It does not allow positive identification of the operating valve 

because the operating pressure changes as it adapts itself to the 
production pressure, making it harder to troubleshoot the well;

❏ If the compressor shuts down, the injection annular pressure (if gas 
is injected down the annulus) is bled off to a low value determined 
by the static liquid column in the tubing; and

❏ Orifice valves do not have the regulating action that calibrated 
valves do. When the well has a tendency to head, it is better to 
install a calibrated valve to reduce the source of instability: if the 
production pressure increases, the operating valve opens wider  
and the gas flow rate is increased. This makes the production 
pressure reduce toward its original lower value. On the other hand, 
if the production pressure drops, the valve will tend to close and 
the injection gas flow rate will decrease. This makes the production 
pressure increase toward its original value. This controlling action 
is usually expected from operating valves because they normally 
operate in throttling flow. If the type of flow through the valve is 
“orifice flow” this self-regulating action would not be present, but it 
is important to point out that operating valves many times operate 
in throttling flow. The difference between throttling and orifice 
flows is presented at the beginning of chapter: Gas Flow Through 
Gas Lift Valves, see Fig. 8.5.

j Because the diameter of the seat of the operating valve was selected as 
the “commercially available” minimum size capable of passing at least 
the required gas flow rate, it is highly possible that the final operating 
pressure will be lower than the design operating pressure. This is due to 
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the fact that the seat installed in the well is greater than the calculated 
one because it is unlikely that the calculated seat diameter be exactly 
equal to a commercially available seat diameter. A larger than needed 
seat diameter is almost always installed in the well; therefore, for a 
given injection gas flow rate, the required injection pressure is lower. 
This low injection pressure could introduce instability problems (if a 
much larger than needed seat diameter is installed at the “operating” 
point of injection), or make it difficult to unload the well (for the case 
of unloading valves).

j For the reasons explained in the previous paragraph, it is always a 
good idea to back calculate the final operating pressure (using any 
of the equations or models presented in chapter: Gas Flow Through 
Gas Lift Valves) from: (1) the expected production pressure at valve’s 
depth, (2) the actual seat diameter of the operating valve, and (3) the 
required gas flow rate. If the operating injection pressure is too close 
to the production pressure (as determined by the procedure explained 
in Section 9.3 regarding gas lift stability), calculations should be made 
to determine if a different valve model, with a smaller seat, could be 
installed without causing a large increase in the operating pressure that 
might open the next upper unloading valve.

j On the other hand, it is also possible that the maximum available 
orifice or seat size might still be too small for the required gas flow 
rate, causing the final operating pressure to be too high. In this case, 
the following alternatives should be tried (these recommendations 
apply to any mandrel spacing procedure):
❏ Select a different valve model;
❏ Install a mandrel with multiple pockets so that several valves can be 

installed;
❏ Install two mandrels at an adequate distance between them to allow 

wireline operations.
j The designer should provide a minimum pressure differential ∆F below 

which the difference between the operating pressure and the production 
pressure would not be acceptable and mandrel spacing calculations 
should be stopped. Mandrel spacing should also be stopped when (all 
depths are true vertical depths):
❏ The minimum spacing ∆Dmin between two consecutive mandrels 

has been reached; or
❏ A depth Dmax has been found by the spacing procedure that is 

below the desired final injection point depth, known here as Dinj. 
In this case, if the distance between Dmax and Dinj is greater than 
∆Dmin (or any other differential depth given by the designer), some 
programs locate the operating valve at Dinj and set the new depths 
of the unloading valves equal to their respective initial depths 
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times the ratio Dinj/Dmax. Other programs locate the operating 
valve at Dinj and adjust the mandrel depths of the unloading 
valves by subtracting from their initial depths a vertical distance 
equal to [n(Dmax – Dinj)/N], where n is the number of the mandrel 
whose depth is adjusted and N is the total number of mandrels (n 
is equal to 1 for the shallowest mandrel). This latter adjustment 
procedure is better than the former because it guarantees that a 
particular mandrel would not be too high up in comparison to the 
next mandrel right below it. But if the distance between Dmax and 
Dinj is shorter than ∆Dmin (or any other differential depth given by 
the designer), then it is a common practice to place the operating 
valve at Dinj and leave the unloading valves’ depths unchanged. 
Dinj was usually 60 ft. (measured depth) above the packer to be 
able to operate old kickover tools but now, with the new types of 
mandrels, Dinj can be closer to the packer. If the final design point 
of injection Dinj (for current operational conditions) is above the 
maximum point where it is possible to install gas lift equipments, 
Dmax-possible, it is recommended to install mandrels below Dinj for 
future lower reservoir pressures or higher injection pressures. The 
number of mandrels Nbelow below Dinj is the integer part of (Dmax-

possible – Dinj)/(∆Dmin). The spacing between these mandrels is then 
(Dmax-possible – Dinj)/Nbelow. ∆Dmin is assigned by the designer and it 
is usually 90 ft. for large productivity index (PI) wells or as long as 
500 ft. for small PI wells. For wells from 4,000 to 10,000 ft. of total 
depth, it is usual to have ∆Dmin equal to 250 ft.

Mandrel spacing by sequentially dropping the valve’s closing pressure is 
recommended in cases where the operating temperature is difficult to pre-
dict, like in wells with high and varying water cuts. It might be possible 
that the temperatures used in the calculations of the closing pressures are 
different from the actual temperatures in the well, but the error is made in 
a consistent manner for all valves, so the relative positions of the closing 
pressures are kept more or less constant. However, if temperature prediction 
is not a problem and it is desired to reach a point of injection as deep as 
possible in the well, the spacing technique explained in the next section is a 
better option. If the injection pressure is high enough to reach the maximum 
possible point of injection, then any of these two mandrel spacing tech-
niques (the one explained in this section and in the next section) can be used.

If there are no problems related to hydrate formation and the injection pres-
sure is high enough to reach points located even below the deepest pos-
sible point of injection, the sequential closing pressure drop per valve can be 
larger than its usual value. This allows for a smooth unloading operation and 
easier future troubleshooting activities. However, if hydrates can form in the 
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surface gas injection line (due to, for example, a large pressure drop across 
the injection gas flow rate control valve), it is better to keep the operating 
pressure at the surface at a high value and have a large pressure drop at the 
operating valve, where the gas is warmer than the hydrate formation tem-
perature. This recommendation applies to all mandrel spacing techniques 
explained in this chapter.

Returning to the problem of having the opening pressure greater than the 
operating pressure (see second valve in Fig. 9.17), “Gas Flow Rate versus 
Production Pressure” graphs for valves “2” and “3” have been drawn on the 
valve spacing diagram presented in Fig. 9.18. Two flow-rate curves, one for 
the injection pressure equal to the opening pressure and the other for the 
injection pressure equal to the operating pressure, have been plotted for both 
valves as Qgi2A and Qgi2B for the second valve and as Qgi3D and Qgi3C for the 
third valve.

For valve number “2,” if the injection pressure is the valve opening pres-
sure, P2pa, then curve “A” represents the theoretical flow rate that can be 
injected through this valve, Qgi2, as a function of the production pressure; 
the gas flow rate becomes equal to zero when the production pressure is 
P2pt. In reality, due to dynamic effects, the valve can allow a slightly higher 
gas flow rate represented by the dashed curve just beside curve “A.” When 
the injection pressure is equal to P2po, the theoretical and actual gas flow 

■■ FIGURE 9.18 Gas flow rates that can be injected through valves “2” and “3” for 
different injection pressures.
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rates through valve “2” are represented by curve “B” and its correspond-
ing dashed curve, respectively. As can be seen, for the latter case the valve 
closes at a production pressure higher than P2pt. To unload the well, it would 
then be necessary to maintain the injection pressure at a value greater than 
P2pa, for which the upper valve might remain open. If the first valve remains 
open, the third valve could be uncovered if the injection pressure is tempo-
rarily kept high by increasing the surface injection gas flow rate, which is 
many times (but not always) possible. It is seen that for valve number “3,” 
the gas flow rate is kept at an acceptable level when the injection pressure 
is the operating pressure P3po and the production pressure is P3pt (flow rate 
curve “C”), which allows uncovering the fourth valve without having to 
increase the stipulated gas flow rate while unloading from the third valve.

The analytical way of calculating the depth of the valve is presented next. 
This explanation applies to all mandrel spacing techniques given in this 
chapter. The determination of the depth of the valve is based on a pressure 
balance just before the valve is uncovered. Following the notation used in 
Fig. 9.19 below, the production pressure in the tubing at valve’s depth, Ppv1, 
plus the pressure differential ∆B, must be equal to the injection pressure at 
valve’s depth, Piv1:

+ ∆ =P B Ppv1 iv1 (9.1)

Where Ppv1 = Pd1 + D1 (gs); Piv1 = Pkofg; D1 is the true vertical depth of the 
first valve that needs to be determined; gs is the pressure gradient of the un-
loading fluids in the tubing, usually taken equal to 0.450 psi/ft.; and fg is the 

Ppv1+∆B=Piv1

■■ FIGURE 9.19 Analytical method that can be used to find the depths of the valves.
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gas factor explained in chapter: Single-Phase Flow, and used to calculate the  
injection pressure at depth. Introducing the expressions for Ppv1 and Piv1 in 
Eq. 9.1 and solving for D1, the following equation is found for D1:

= − − ∆D P f P B g[ ( ) ]/1 ko g d1 s (9.2)

Because the gas factor fg depends on the depth of the valve, which is not 
known a priori, Eq. 9.2 must be solved by iterations.

The gas flow rate for the first valve is always very low and the pressure due 
to the gas column in the injection annulus can be calculated assuming a hy-
drostatic gas column (no friction losses) with any of the equations presented 
in chapter: Single-Phase Flow, for that purpose: Eqs. 2.13, 2.18, or 2.19. 
These equations for fg can be applied to the rest of the unloading valves in 
the great majority of cases because the gas injection cross-sectional areas 
are usually large for the gas flow rates found most of the time in gas lift 
wells. The iterative method to find D1 for the first valve is as follows:

j Assume an initial depth D1 = (Pko – Pd1)/gs;
j With this depth, calculate the first value of fg;
j With this new fg factor, D1 is found from Eq. 9.2 given previously;
j With this new depth, a new value of fg is calculated and then a new 

value of D1 is again found from Eq. 9.2. This process is repeated until 
convergence is achieved within a tolerance value given by the designer. 
This iteration should converge very fast.

The iterative process that can be used to find the depth of the second valve 
D2 (with no friction effect) is very similar to the one just explained for the 
first valve. In this case, the depth of the valve is determined from the pres-
sure balance that establishes that the production tubing pressure at the depth 
of the second valve, P1pt +  (D2 – D1)gs plus the differential pressure ∆B, 
must be equal to the injection pressure at that depth, fgPop, so that:

= + − − ∆D D P f P B g[ ( ) ]/2 1 op g 1pt s (9.3)

The gas factor fg must be calculated at the depth of the second valve, which 
is not known a priori and therefore a similar iteration process is used, which 
(disregarding friction losses) is the following:

j An initial depth D2 is assumed to be equal to D1 + (Pop – P1pt)/gs.
j With this depth, the first value of the gas factor fg is found using any 

of the equations given in chapter: Single-Phase Flow, for static gas 
columns.

j With the value of fg calculated in the previous step, Eq. 9.3 is used to 
find the new depth D2.

D1=[Pko(fg)−Pd1−∆B]/gs

D2=D1+[Pop(fg)−P1pt−∆B]/gs
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j With this new depth, a new value of fg is found. Then, using the new 
value of fg, Eq. 9.3 is used again to find a new value of D2. This process 
is repeated until convergence is achieved within a tolerance value given 
by the designer. This iteration should also converge very fast.

If friction is not considered, the analytical determination of the depths of the 
rest of the valves is done in the same way described for the second valve.

If the gas flow rate is very large and/or the injection cross-sectional flow 
area is very small, friction pressure losses should be considered for valves 
other than the first (frictional losses for the first valve should only be con-
sidered when it is placed below the reservoir static liquid level, which is 
usually not the case). The injection pressure Piv2 (calculated using the equa-
tions presented in chapter: Single-Phase Flow, Section 2.1.2, for gas flow 
with friction) must be equal to the production pressure Ppv2 (when the sec-
ond valve is uncovered) given by P1pt +  (D2 – D1)gs plus the differential 
pressure ∆B:

= + − + ∆P P D D g B( )iv2 1pt 2 1 s (9.4)

This equation should be solved by trial and error for different values of D2, 
calculating at each step the value of Piv2 taking into consideration the fric-
tion pressure loss. For a given gas flow rate, there is one and only one value 
of D2 that satisfies Eq. 9.4. The additional problem in this case is the fact that 
the gas flow rate (for unloading purposes) depends on the depth of the valve. 
The iterations begin by assuming an initial value of D2, for which the liquid 
flow rate that the well can produce and the corresponding injection gas flow 
rate (such that the production pressure is equal to the transfer production 
pressure at D2) must be calculated. These liquid and gas flow rates can be 
calculated following the steps explained in Section 9.2.3. If, for the selected 
value of D2, the right hand side of Eq. 9.4 is greater than the left hand side, 
then calculations are repeated with a smaller value of D2 and vice versa. The 
depths of the rest of the valves are calculated in the same way as explained 
for the second valve. Fig. 9.20 shows that friction losses make the valve 
location be higher up in the well.

As soon as the valves are installed in the well, it is always a good practice 
to measure the liquid production for different injection gas flow rates to 
determine the well’s real potential. But it is even more important to first 
make sure (by a complete troubleshooting analysis) that the point of injec-
tion is really the one stipulated in the design: the actual point of injection 
could be a different one located higher up in the well and this situation can 
go unnoticed for a long time, wasting the opportunity to produce the well at 
its full potential.

Piv2=P1pt+(D2−D1)gs+∆B
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If, despite all the safety factors used in the spacing procedure, the well can-
not be unloaded to the first (shallowest) gas lift valve, one of the following 
steps could be taken before deciding to pull the completion out of the well:

j Simultaneously inject gas down the tubing and the annulus until 
line pressure is reached. Leave the well alone for a few hours or 
days (depending on the injectivity index of the well) while the 
liquid is being absorbed by the formation. Then, suddenly open the 
well to production while injecting gas into the annulus. This is not 
recommended if the completion fluid can damage the formation or the 
well could produce sand.

j Circulate completion fluids with a lighter one. The deepest gas lift 
valve should be replaced with a circulating valve and dummy valves 
should be installed in the rest of the mandrels.

j Inject nitrogen down the tubing with a coiled tubing unit.
j Swabbing could be tried but this is a risky operation that might not be 

recommended in most cases.
j Direct the production fluids at the wellhead to a pit or a tank at 

atmospheric pressure. This reduces the value of Pd1.
j Temporarily shut off gas injection to nearby wells to increase the 

available injection pressure at the manifold.

Sometimes the well cannot be unloaded because the first valve is locked 
closed due to high temperature. In these cases, the well should be left alone 
for several hours until the valve cools down.

Mandrel spacing by sequentially dropping the operating injection pres-
sure. This is the most widely used method in the industry today. Its main 

■■ FIGURE 9.20 Effect of friction losses on the depth of the valves.



4019.2  Gas lift mandrel spacing procedures and valve design calculations

advantage is that it allows to design each unloading valve in such a way that 
it is fully opened while injecting gas to uncover the valve right below. As 
explained previously, this is something that might not be possible using the 
previous spacing method. Another great advantage is that it requires smaller 
injection pressure drops per valve and, therefore, the operating valve can be 
located deeper in the well. But its major drawback is that it is sometimes 
not possible to close an unloading valve when the one right below it has just 
been uncovered, but this problem is most of the time overcome by temporar-
ily increasing the unloading gas flow rate.

Some designers drop the valve opening pressure in a sequential manner 
(instead of the operating pressure) and use this opening pressure as the op-
erating pressure. Even though doing it this way works most of the time, it 
induces the unloading valves to work in throttling flow because they will 
not be fully opened; however, this practice minimizes the risk of not being 
able to close the valve when the one below is uncovered. Other designers 
prefer a sequential drop in the “operating” pressure instead of the “open-
ing” pressure. In this case, the opening pressure is a differential pressure 
(constant for all unloading valves) smaller than the operating injection pres-
sure. This makes the unloading valves operate fully open (in orifice flow) if 
the operating injection pressure is at least equal to the injection pressure at 
the transition between throttling and orifice flow. This transition injection 
pressure is the one recommended here as the operating pressure because 
it allows smaller sequential pressure drops per valve and, in consequence, 
deeper depths for the final point of injection can be attained. If the available 
system pressure is high enough to reach the deepest point of injection, op-
erating pressures larger than the transition pressure can be used as a safety 
factor to guarantee orifice flow across the valves.

The dynamic behavior of gas lift valves is explained in chapter: Gas Flow 
Through Gas Lift Valves. A criterion given in the aforementioned chapter that 
can be used to find the transition injection pressure (between throttling and 
orifice flow) is to have an operating injection pressure equal to the valve’s clos-
ing pressure at operating conditions divided by (1 – R), where R is the valve’s 
area ratio. This criterion is not exact but it is a good guide. This is the pressure 
that is sequentially dropped per valve in Fig. 9.21. This would be the minimum 
injection pressure that would guarantee orifice flow across the valve.

The nomenclature used in Fig. 9.21 for the nth valve is as follows: “npd” 
is the production pressure equal to the fluid pressure in the tubing (if liquid 
production is up the tubing) at valve’s depth; “npt” is the transfer produc-
tion pressure from which the unloading pressure gradient line is traced to 
find the depth of the next deeper valve; “npc” is the valve’s closing injection  
pressure at the operating temperature; “npa” is the valve’s opening injection 
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pressure; and “npo” is the valve’s operating injection pressure, which must 
remain constant until the next deeper valve is uncovered. Points “a,” “b,” 
“c,” and “d” are the intersection points of the unloading pressure gradient 
lines with their corresponding operating injection pressures lines. These in-
tersections are used to define the depths of the valves. The operating injec-
tion pressure “npo” is in this case the pressure that guarantees that the valve 
is totally open and, in consequence, operating under orifice flow. The fol-
lowing steps are performed by computer programs to space gas lift mandrels 
in the well and design the unloading gas lift valves (use Fig. 9.21 as a guide 
for the following paragraphs).

j First of all, the kickoff pressure line is found from the kickoff pressure 
Pko to determine the depth of the first valve. This kickoff pressure is 
greater than the operating pressure Pop of the first valve and could be 
equal to the average manifold pressure. The operating pressure of the 
first valve Pop is, on the other hand, equal to the expected minimum 
manifold pressure minus a differential pressure that will allow 
sufficient gas flow rate to unload the well from the first to the second 
valve (usually equal to 50 or 100 psi). The idea of using Pko is to place 
the first valve as deep as possible and, in this way, reduce the number 
of mandrels to be installed in the well. But the calibration of the first 
valve is determined from the value of the available operating pressure, 

■■ FIGURE 9.21 Mandrel spacing for IPO valves by sequentially dropping the operating 
injection pressure of each unloading valve.



4039.2  Gas lift mandrel spacing procedures and valve design calculations

Pop. The designer must enter the values of Pko and Pop. If these 
pressures are equal, then the depth and the calibration of the first valve 
are determined from the same pressure. It is acceptable to have a high 
value of Pko because before reaching the first valve the injection gas 
flow rate must be very small, which means that the wellhead injection 
pressure is very similar to the manifold pressure at that time (losses 
due to friction are very small and a great differential pressure is not 
required at the manifold for such a low gas flow rate either). Due to the 
importance of the kickoff pressure (to save on the number of mandrels 
to be purchased), some companies have a temporary external high-
pressure source or a high-pressure portable compressor used only to 
kick off the well. But there are operating companies that prefer having 
more mandrels installed in the well to increase the flexibility of their 
gas lift designs; thus, for these companies, the concept of the kickoff 
pressure as presented previously is not relevant because they prefer to 
use a lower initial injection pressure for spacing of the first valve.

j From the initial wellhead production pressure, Pd1, a line with a slope 
equal to the unloading-liquid pressure gradient is traced. The unloading 
pressure gradient is usually equal to 0.45 psi/ft. As a safety factor, a 
large unloading pressure gradient is used, independently of the type 
of fluids that are currently in the well, so that in the future the well 
can be unloaded with any type of completion fluids. If the unloading-
liquid pressure gradient is not known, it can be calculated (in psi/ft.) 
by multiplying the weight in pounds of 1 gallon of the unloading fluids 
by 0.52. Pressure Pd1 is less than the wellhead production pressure the 
well will have under normal operation (after being unloaded), known 
here as Pwh, because at the beginning of the unloading process the 
liquid flow rate is very low, so the wellhead pressure only needs to be 
slightly higher than the pressure at the separator. But some designers 
prefer to trace the unloading pressure gradient line from Pwh as a 
safety factor: this gives a shallower depth for the first valve that can 
be reached with lower kickoff pressures (in fact, some designers use 
values of Pd1 greater than Pwh to get an even shallower depth for the 
first mandrel). Sometimes, when the first valve cannot be uncovered, 
the unloading process can be initiated by unloading the well to a pit 
at atmospheric conditions. This allows the injection gas to uncover 
the first valve because pressure Pd1 is, in this case, lower than the 
pressure at the separator. The unloading pressure gradient line from Pd1 
intersects the injection pressure line from Pko at point “a.” The depth of 
the first valve is then determined by the horizontal line located above 
intersection “a” such that the differential pressure between the injection 
pressure and the tubing pressure is equal to ∆B (given by the designer) 
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when the valve is uncovered, allowing the injection gas to flow into the 
production tubing (if gas is injected down the annulus).

j The point where the horizontal line, found in the previous step, 
intersects the production-pressure-traverse curve determines the 
production pressure for the first valve, P1pd. The point where the 
operating pressure line (which starts at the surface at Pop) intersects 
the horizontal line, determines the operating pressure P1po of the first 
valve. The operating pressure is the injection pressure that must be 
maintained in the injection annulus to find the depth of the second 
valve.

j Then, following the steps that are presented in Section 9.2.3, the 
unloading liquid flow rate and its corresponding required injection 
gas flow rate are determined for the first valve. With the procedures 
that are described in Section 9.2.4, the valve operating temperature 
and upstream injection gas temperature are determined. The next 
step is to calculate the diameter of the seat of the first valve. This 
seat diameter must be the smallest of the available seat diameters 
capable of passing the unloading gas flow rate required at the first 
valve (seats larger than this are not recommended for the reasons 
explained in the previous section). For the calculation of the diameter 
of the seat, P1po is taken as the valve’s upstream pressure, while the 
transfer pressure P1pt (defined in the previous section) is taken as the 
valve’s downstream pressure. The calculations required to determine 
the diameter of the seat are presented in Section 9.2.5 and in chapter: 
Gas Flow Through Gas Lift Valves. With the seat diameter already 
found, the valve closing pressure is calculated. Because the operating 
pressure (already determined previously) must be at the transition 
between orifice and throttling flow, by definition (presented in chapter: 
Gas Flow Through Gas Lift Valves) its value should be equal to the 
valve’s closing pressure at operating conditions (equal to the dome 
pressure at operating conditions if the valve is nitrogen charged with 
no spring for protection of the bellows) divided by (1 – R), where R 
is the area ratio of the valve, which is determined once the valve’s 
seat diameter is found. The injection closing pressure of the valve 
at operating conditions, P1pc, is then equal to the operating pressure 
times (1 – R). From the valve’s force–balance equation presented in 
chapter: Gas Lift Valve Mechanics (Eq. 7.2 for IPO valves with P′r 
set equal to zero because most nitrogen-charged valves commercially 
available today do not have springs), the opening pressure is calculated 
as P1pa = (P1pc – RP1pt)/(1 – R). The test-rack calibration pressure is 
then determined by finding the dome pressure at 60°F from the dome 
pressure at operating conditions (equal to P1pc) and following the steps 
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that are presented in chapter: Gas Lift Valve Mechanics, for nitrogen-
charged, IPO valves. This is the last calculation required for the first 
valve. The next step is to find the depth of the second unloading valve.

j The unloading pressure gradient line is traced from point P1pt (called 
the “transfer pressure”) until it intersects the operating pressure 
line of the first valve at point “b.” As stated in the previous design 
method, the transfer production pressure P1pt is obtained by adding 
a differential pressure ∆C (given by the designer) to the production 
pressure P1pd. This constitutes a safety factor that takes into account 
possible errors in the estimation of the production pressure of the first 
valve, placing the second valve (or mandrel) at a shallower depth. The 
depth of the second valve is established by a horizontal line located 
above intersection point “b” so that the differential pressure between 
the injection pressure and the tubing pressure is equal to ∆B, for the 
same reasons explained for the first valve. ∆C can be a fixed pressure 
differential or a fixed percentage of the difference between the valve’s 
operating pressure and the production pressure at valve’s depth. 
The calculations of the closing, opening, and calibration pressures 
for the second valve are identical to the ones for the first valve. The 
surface operating pressure of the second valve is equal to the surface 
operating pressure of the first valve minus a pressure differential ∆D 
(given by the designer). This surface operating pressure times the gas 
factor fg (calculated for the second valve), is equal to the operating 
pressure at the depth of the second valve. To maintain the operating 
injection pressure of the second valve constant as gas flows through 
it (to uncover the third valve), the determination of the second valve’s 
seat diameter is made with the operating pressure P2po as the pressure 
upstream of the valve and the transfer production pressure, P2pt, as 
the pressure downstream of the valve, using the equations given in 
chapters: Single and Multiphase Flow Through Restrictions and Gas 
Flow Through Gas Lift Valves. It is necessary to calculate the required 
gas flow rate through the second valve and its injection temperature 
before being able to calculate the valve seat diameter. The gas flow 
rate and its temperature just upstream of the valve are calculated 
following the steps that are explained in Sections 9.2.3 and 9.2.4, 
respectively.

j It can be seen in Fig. 9.21 that the surface operating injection pressure 
of the second valve is greater than the surface closing pressure of the 
first valve, so it might be difficult to close the first valve. Usually, in 
designs with this type of problem, the pressure drop that takes place 
when the second valve is uncovered is sufficiently large to close the 
first valve. As pointed out in the previous design method, this  
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pressure drop is caused by temporarily having two simultaneous points 
of injection when the second valve is uncovered. As also mentioned 
in the previous method, it is not uncommon that the differences 
between the closing and opening pressures (called “spread”) of the 
shallower valves are greater than the spread of the deeper valves. This 
is due to the fact that the production pressures of the upper valves are 
very small. This problem is even worst for valves with large seats. 
The larger the seat (and therefore the area ratio), the larger the spread 
of the valve becomes. This is one of the reasons why it is necessary 
that the seats of the unloading valves be as small as possible. The 
outside diameter of the valve is also important: 1-in outside diameter 
valves have larger area ratios than the ones for 1.5-in outside diameter 
valves for a given seat diameter. To avoid this problem (difficulty 
in closing the first valve in this example), it is necessary to increase 
the differential pressure drop per valve ∆D. But this could make it 
impossible to reach the desired point of injection. Fig. 9.21 shows that 
the problem of not being able to close the upper valve is not present in 
the third valve because the spread of the second valve is not as large 
as the spread of the first valve. One effective way of dealing with this 
problem is to install valves with small seats above the reservoir static 
liquid level. This could make the unloading process take more time 
to complete but guarantees that the unloading valves will close at the 
right time.

j Calculations for the third and fourth valves are identical to the ones 
for the second valve, with the exception that for the fourth valve 
(considered the operating valve in this example) an additional 
operating pressure drop equal to ∆E (defined by the designer) must 
be provided. A lower operating injection pressure has the following 
advantages: (1) positive identification of the operating point, (2) It 
helps closing the upper valves, (3) it allows the operating valve to 
be completely open, and (4) it is possible to have a wider injection 
pressure range, in case the required injection gas flow rate is different 
from its estimated value or it is desired to perform a multirate test.

j Most designers prefer to install an orifice valve at the injection point 
instead of a calibrated valve. This introduces some advantages and 
disadvantages that are explained toward the end of the previous section.

j The designer should provide a minimum pressure differential ∆F 
below which the difference between the valve operating pressure and 
its production pressure would not be acceptable and mandrel spacing 
calculations should be stopped. Additionally, mandrel spacing should 
be stopped for the same reasons that are explained at the end of the 
previous method.
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j The reader should also review what is said at the end of the previous 
method regarding the fact that the calculated seat diameter rarely 
coincides with one of the commercially available diameters (they might 
be too large or too small).

It has been recommended to have a value of the sequential pressure drop 
per valve ∆D proportional to the so-called production pressure effect fac-
tor, PPef, which is equal to R/(1 – R), where R is the area ratio of the valve. 
The greater this factor is, the more influence the production pressure has on 
the valve opening pressure and the greater the spread of the valve becomes, 
which could cause valve interference if the sequential operating pressure 
drop per valve is not large enough. Valve interference (explained in chapter: 
Continuous Gas Lift Troubleshooting) is an instability problem that takes 
place when two or more valves can be opening and closing at the same time. 
The minimum value that has been recommended by several authors for ∆D 
is 100(PPef) + Fs, where Fs is an optional safety factor given in Table 9.1. 
The maximum recommended value of ∆D is equal to 20 psi + 200(PPef). If 
the available injection pressure is very large, ∆D can be as large as possible, 
as long as the desired point of injection is reached and the injection gas flow 
rate control valve can operate with a large pressure drop and without caus-
ing hydrate formation.

“Max–Min” Method. This method is frequently used in wells with insuffi-
cient production data or in places where an efficient operating pressure drop 
per valve is required to reach the desired point of injection. This procedure 
is also based on sequentially dropping the operating injection pressure, but 
not by a fixed amount for all valves. Instead, the pressure drop per valve is 
exactly what is needed to close the valve at the moment the next unloading 

Table 9.1 Recommended Safety Factors

Valve OD (in.) Valve Seat Diameter (in.) Safety Factor, Fs (psi)

5/8 1/8 10–15
5/32 15–20
3/16 20–25

1 1/8 5–10
3/16 10–15
1/4 15–20
5/16 20–25

1½ 3/16 5–10
1/4 10–15
5/16 15–20
3/8 20
7/16 25



408 CHAPTER 9 Design of continuous gas lift installations 

valve below is uncovered. In this type of procedure, the sequential operat-
ing pressure drops of the shallower valves are greater than the ones for the 
deeper valves. This guarantees a smooth unloading operation while, at the 
same time, being able to reach the desired point of injection because the 
large pressure drops per valve only take place where they are really needed: 
at the shallower valves, which are the ones that usually exhibit large spreads 
(spread is defined as the difference between the opening and closing pres-
sures of the valve at operating conditions). Fig. 9.22 shows the way in which 
the design is carried out with this type of mandrel spacing procedure. The 
depths of the first and second valves are determined first.

The depth of the first valve is found in the same way as it was explained for 
the two previous sections. The operating pressure of the first valve, P1po, is 
fixed at the point where the operating pressure line intersects the horizontal 
line that determines the depth of the first valve. P1po is taken as the operat-
ing pressure of the first valve that guarantees that it will remain totally open 
until the second valve is uncovered. As explained in the previous section, 
P1po is equal to the dome pressure at operating conditions (which is the clos-
ing pressure of the first valve) divided by (1 – R), where R is the area ratio 
of the valve. Thus, the operating pressure here is also the injection pressure 
that approximately defines the boundary between throttling and orifice flow 
through the gas lift valve (as was the case for the previous spacing method). 
An unloading pressure gradient line is then traced from the transfer produc-
tion pressure of the first valve, P1pt, until it intersects the operating pressure 
of the first valve at point “b.” The depth of the second valve is determined 

■■ FIGURE 9.22 Procedure used to find the operating pressure of the second valve using 
the “Max–Min” method.
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by the horizontal line that is traced above point “b” so that the difference 
between the injection pressure and the production pressure is equal to ∆B at 
the moment the second valve is uncovered. Then, a line is drawn from point 
b’ (see Fig. 9.22) to the wellhead production pressure Pwh. This is an ap-
proximation of what really takes place when the gas first enters the produc-
tion tubing through the second valve: the pressure in the tubing at the depth 
of the first valve temporarily increases from the value it had just before the 
second valve was uncovered, equal to P1pt, to the maximum pressure P1max, 
which is assumed as the value of the production pressure when gas injec-
tion is beginning to take place from the second valve. This increment in the 
production pressure induces a reduction in the opening pressure of the first 
valve: a lower injection pressure is needed to open the first valve because of 
the extra help obtained from the production pressure increase, known here 
as ∆Pt. The force–balance equation at the depth of the first valve establishes 
the following:

− ∆ − + + ∆ = =P P R P P R P P( )(1 ) ( )t1pa o 1pt 1pc dome (9.5)

Where ∆Pt is equal to (P1max – P1pt) and ∆Po is the reduction in the first valve 
opening pressure caused by the increment in the production pressure. Pdome 
is the dome pressure at operating conditions, which is equal to the valve 
closing pressure, P1pc, also at operating conditions. On the other hand, if 
the dome temperature of the first valve does not change in a significant way 
(which is a good approximation because the process takes place very fast), 
the dome pressure should remain approximately constant, and the following 
equation must be valid:

− + =P R P R P( )(1 ) ( )1pa 1pt dome (9.6)

In reality, there is a slight increment in the dome temperature, but assuming 
a constant temperature introduces a safety factor in the calculation of the 
operating pressure of the second valve. Subtracting Eq. 9.6 from 9.5, the 
following expression is obtained for ∆Po:

∆ = − ∆P R R P[ /(1 )]o t (9.7)

The surface operating pressure of the second valve is then fixed at 
(P1pa – ∆Po – Fs) referred to the surface. P2po is the operating pressure at 
the depth of the second valve that is used to uncover the third valve. Fs is an 
optional safety factor used mostly, but not exclusively, in cases where the 
system pressure is sufficiently high to reach the desired point of injection 
depth without problems. This safety factor is a precaution measure taken 
to avoid valve interference, making sure that single points of injection are 
achieved while unloading the well from each unloading valve.

(P1pa−∆Po)(1−R)+(P1pt+∆Pt)R=P1
pc=Pdome

(P1pa)(1−R)+(P1pt)R=Pdome

∆Po=[R/(1-R)] ∆Pt
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Instead of using this safety factor, some designers prefer to verify that the 
surface closing pressure of a given valve is at least a differential pressure 
(given by the designer) lower than the surface closing pressure of the valve 
right above, which constitute a better safety factor because it is only applied 
if really needed. If the valve’s surface closing pressure is too high (com-
pared to the closing pressure of the valve above), then the valve’s surface 
closing pressure is fixed at the surface closing pressure of the valve above 
minus a pressure differential given by the designer and, from this value, 
the valve’s opening pressure is calculated using the force–balance equation. 
The valve’s operating pressure in this case is this valve’s closing pressure 
divided by (1 – R).

Before calculating ∆Po for the first valve, it is necessary to know the seat 
diameter of the first valve so that the value of its area ratio R can be deter-
mined. To find the diameter of the first valve, it is first necessary to find the 
unloading liquid flow rate for the first valve and its corresponding required 
injection gas flow rate following the steps presented in Section 9.2.3. It is 
also necessary to find the operating temperature of the first valve and the 
injection gas temperature upstream of the valve, which are calculated with 
the procedures presented in Section 9.2.4.

The seat diameter of first valve is then found from: (1) the required gas flow 
rate, (2) the operating pressure P1po as the seat’s upstream pressure, and  
(3) the transfer production pressure P1pt as the seat’s downstream pressure. 
The calculations required to determine the diameter of the seat are presented 
in Section 9.2.5 and in chapter: Gas Flow Through Gas Lift Valves. Once the 
seat diameter is known, the first valve’s closing pressure at operating condi-
tions can be found because the operating injection pressure (determined pre-
viously) is equal to the boundary injection pressure (between throttling and 
orifice flow); thus, by definition, the closing pressure at operating conditions 
is equal to [P1po(1 – R)] as it was mentioned previously for this method and 
for the previous one. With the first valve’s closing pressure and its transfer 
production pressure, the first valve’s opening pressure P1pa and its calibra-
tion pressure can be found from the equation given in chapter: Gas Lift 
Valve Mechanics, for IPO valves, which indicates that the opening pressure 
is found from: P1pa = (P1pc – RP1pt)/(1 – R).

The parameters for all other valves are calculated in the same way as for the 
first valve, taking into account the fact that the operating pressure drop must 
be calculated by Eq. 9.7. The operating valve (or final point of injection) 
has an additional operating pressure drop ∆E which gives the advantages 
that are described in the previous two methods. Fig. 9.23 shows the spacing 
procedure for a well that needs three unloading valves to reach the operating 
point, which is the fourth valve. Mandrel spacing calculations stop for the 
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same reasons that are specified in all previous procedures. Upper mandrel 
depths might need to be readjusted and additional mandrels might need to 
be placed below the operating point, all of which is done in the same way 
explained for the last two methods.

As can be seen in Fig. 9.23, the “Max–Min” method does not guarantee that 
the surface operating pressure of one valve be lower than the surface clos-
ing pressure of the next valve above it. This is the same problem that was 
presented when spacing the mandrels by dropping the operating pressure by 
a fixed pressure differential. The second valve in Fig. 9.23 has this problem. 
In this case, however, it might be easy to solve the problem by introducing 
a safety factor Fs (fixed for all valves) explained previously or by making 
sure that the surface closing pressure of the valve be a certain differential 
pressure lower than the surface closing pressure of the valve right above it.

Use of the Max–Min method in cases where the liquid production is un-
certain. The “Max–Min” method can be used in wells for which the liquid 
production is totally unknown, which is the case of exploratory wells or wells 
that come from some workover jobs in which the “improved” productivity  
index value is uncertain. In these cases, instead of using the production 
pressure traverse curve (determined from the equilibrium curve with the 
techniques explained in chapter: Total System Analysis Applied to Gas Lift 
Design, and at the beginning of this chapter), a production–pressure design 
line, like the one shown in Fig. 9.24 (line a–b), should be used.

■■ FIGURE 9.23 “Max–Min” mandrel spacing procedure.
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As can be seen in Fig. 9.24, the production pressure curves can go from very 
“light” curves, if the liquid production is very small, to very “heavy” curves, 
if the liquid production is large. For this reason, a design line a–b is taken 
as the design production pressure and the mandrel spacing procedure is per-
formed as if this line was the production pressure along the entire depth of 
the well. It is always better to be prepared for large liquid flow rates when 
the actual liquid production of the well is unknown instead of considering 
only small liquid flow rates. It is also important to point out that any of the 
unloading valves could end up being the operating valve; in consequence, 
all valves should be able to pass the required injection gas flow rate.

Line a–b is drawn in such a way that, at the upper part of the well, the de-
sign production pressure is just greater than the production pressure for a 
large liquid production and, in the lower part of the well, the design produc-
tion pressure is closer to the production pressure for a small liquid produc-
tion. In this way, the mandrel spacing procedure can cover all the length 
of the well for any value of liquid production that can be encountered as 
the well is being unloaded. The price that is paid for this flexibility is hav-
ing more mandrels that it would otherwise be necessary and, additionally, 
once the well is opened to production, a valve redesign might be needed to  
optimize the operation of the well at its actual liquid production level. Point 
“a” in Fig. 9.24 is usually located at the expected maximum wellhead pro-
duction pressure plus 20% of the difference of the available operating injec-
tion pressure for the first valve minus the maximum wellhead production 
pressure. Point “b” is located at the maximum depth where a mandrel can be 
installed and at a pressure 150 psi less than the available operating injection 

■■ FIGURE 9.24 Production pressure design line “a–b.”
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pressure at depth. However, point “a” or “b” can be moved in any horizontal 
direction following the designer’s own criteria.

The procedure that is described next applies to wells with limited informa-
tion about their actual liquid production potential. This procedure is also 
useful for wells with only one production tubing string but with several 
production zones (with good production information for each zone but with 
a wide range of production flow rates) separated by packers that can be se-
lectively opened or closed to production by opening or closing circulating 
sleeves. Two or three possible liquid productions are selected and pressure 
traverse curves for each of these liquid productions (obtained with the mini-
mum pressure gradient that can be attained with the available injection gas 
flow rate) are traced along the tubing string as shown in Fig. 9.25. Regarding 
the temperature distribution to be used in the design, the following recom-
mendations can be used.

j Assume a production surface temperature based on what might be 
thought of as the most probable liquid flow rate the well can produce. 
If the liquid flow rate is less than expected, the gas lift valves are going 
to be at a lower temperature and might remain open causing valve 
interference (two or more valves opening and closing at the same time). 
If, on the other hand, the liquid flow rate is larger than anticipated, the 
valves might close prematurely due to high surrounding temperatures, 
probably not allowing the unloading process to continue to the desired 
point of injection.

■■ FIGURE 9.25 Mandrel spacing for several possible liquid production rates.
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j If the difference between the maximum and minimum liquid flow rates 
is not very large, calculate the temperature distribution based on an 
average liquid production.

j If the difference between the possible liquid flow rates is very large, use 
a temperature distribution higher than the one expected for the average 
liquid production. For example, if the liquid production is expected to 
be between 200 and 1000 STB/D, then use the temperature distribution 
corresponding to a liquid production of 700 or 800 STB/D. In this way, 
it might be possible to keep the valves from closing prematurely.

Fig. 9.25 illustrates an example for three possible liquid flow rates where the 
first four mandrels have been located.

Calculations are carried out in the same way as shown in Fig. 9.23, with the 
following important modifications:

j The transfer production pressures (used to calculate the pressure drop 
per valve, the orifice diameter, and the valve opening pressure) are 
located along line “a–b.”

j The injection gas flow rate is calculated from the liquid flow rate of the 
particular pressure traverse curve that crosses line “a–b” at valve depth. 
For example, at the depth of the first valve, line a–b is intersected by 
the large-liquid-production pressure traverse curve. For this liquid-
production traverse curve, the total gas/liquid ratio is the one that 
attains the minimum production pressure gradient, unless the available 
injection gas flow rate is limited, in which case the total gas flow rate is 
the maximum value that the gas lift system can provide to decrease the 
production pressure gradient as low as possible. The seat diameter is 
calculated to pass this injection gas flow rate. In general, large ports are 
required for this method because any of the unloading valves could be 
the operating valve. For the second valve in the figure, the liquid flow 
rate is half way between the large and the medium liquid production. In 
this case, the liquid flow rate and its required injection gas/liquid ratio 
are found by interpolation.

IPO valves with choke upstream of the seat. One way of using IPO valves 
without having to drop the operating injection pressure (in any of the ways 
described in the previous sections), is by using these valves with chokes 
installed upstream of their seats. These valves can be used in wells with 
two production strings or in places where the available injection pressure is 
either too low or it fluctuates too much (the design procedure, ie, explained 
here can also be used for IPO valves without upstream chokes, but it has 
to be used with caution because it might promote valve interference, use 
more mandrels than are really necessary, and could make troubleshooting 
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analyses more difficult). Fig. 9.26 shows, in a schematic way, the location of 
the choke in relation to the inlet ports of the valve and its port (or seat as it is 
also known). The idea is that the pressure drop will take place at the choke 
and not at the seat of the valve. In this way, the ball is always subjected to 
the production pressure. Because the seat for this type of valve is usually 
large, the valve is highly sensitive to the production pressure. The designer 
can use this large production pressure sensitivity to calibrate the valve with-
out having to drop the surface operating injection pressure.

With the valve opened or closed, the ball is always exposed to the produc-
tion pressure and the bellows to the injection pressure. For a given set of 
production and dome pressures, the injection opening pressure of the valve 
is equal to its closing pressure. In other words, the following force–balance 
equation applies to the valve opened (and just about to close) or closed (and 
just about to open):

′ − + =P R P R P(1 ) ( )c t dome (9.8)

Where P′c is the gas injection pressure, Pt is the production pressure, R is 
the area of the port Ap divided by the area of the bellows Ab, and Pdome is  
the dome pressure at operating conditions, also called Pbt. Without the choke 
installed in the valve, once the valve opens, the ball is exposed to a pressure 
that is greater than the production pressure (due to the effect of the injection 
pressure) which implies that the injection pressure must be decreased to a 
value that is lower than the injection opening pressure to be able to close  
the valve again. With the choke installed upstream of the seat, if the produc-
tion and dome pressures remain constant, the injection opening and closing 
pressures are equal.

The design of the unloading valves with chokes upstream of their seats is 
done by keeping the operating injection pressure constant, see Fig. 9.27. 
This is possible because the production pressure at a given unloading valve 

P'c (1−R)+Pt (R)=Pdome

■■ FIGURE 9.26 IPO valve with upstream choke.
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decreases as the well is being unloaded, causing the valve’s opening injec-
tion pressure to increase above its operating pressure so that the valve closes. 
It is the reduction of the production pressure (for which the valve is very 
sensitive due to its large port diameter) and not the reduction of the operating 
injection pressure that makes the valve close. Keeping the operating injec-
tion pressure constant for all unloading valves allows mandrel spacing to 
proceed to deeper points of injection and, therefore, to increase the liquid 
production. Because these valves close due to the reduction of the produc-
tion pressure, they are suitable for wells with two or more production strings 
or in wells where the available injection pressure is too low or fluctuates 
too much.

The choke usually consists of many small orifices, whose combined flow 
area is smaller than the area of the seat of the valve, so that the following 
desired effect is achieved: to control the gas flow rate by the combined area of 
the orifices, keeping, at the same time, the opening injection pressure of the 
valve with a strong dependency on the production pressure. The gas flow rate 
through the valve is controlled by the combined area of the orifices as long as 
the valve is sufficiently open so that the flow area of the frustum (area of the 
cone between the ball and the seat, see Fig. 8.8) is larger than the area of the 

■■ FIGURE 9.27 Mandrel spacing for IPO valves with chokes installed upstream  
of the seat.
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choke. Because the seat is usually large in this type of valve, it is not neces-
sary to move the ball away from the seat a great distance in order for the flow 
area between the ball and the seat to become larger than the area of the choke.

One disadvantage of using this type of valves is that they make it harder to 
troubleshoot the operation of the well because the operating injection pres-
sures might be very similar for all valves (especially the deeper ones): it is 
not easy to know which one of them is the actual point of injection.

Fig. 9.27 shows the appropriate way of spacing mandrels when using valves 
with upstream chokes. As can be seen in the figure, the depth of the first 
valve is determined in the same way as it was explained for all previous pro-
cedures. To locate all other valves, the production pressure design line must 
be used. This design line goes from surface production pressure Ptc to point 
“g” at the bottom of the well. There are no general rules to determine the 
surface design production pressure Ptc. Some designers take Ptc to be equal 
to Pwh plus 30% of the difference between Pop and Pwh. On the other hand, 
point “g” is determined from the operating injection pressure at depth minus 
a differential pressure ∆C given by the designer. The production pressure 
design line should not be too close to the injection pressure line because this 
will give a large number of mandrels to install in the well. But it cannot be 
too close to the real production-pressure-traverse curve either because this 
will make it difficult for the unloading valves to close as the well is unload-
ed. The objective of the design is to achieve a smooth unloading operation 
with the minimum number of mandrels possible.

The point where the operating injection pressure line intersects the hori-
zontal line that corresponds to the depth of the first valve determines the 
opening injection pressure of the valve, P1pa. The point where the produc-
tion pressure design line intersects the horizontal line that corresponds to 
the depth of the first valve, determines the production pressure for which 
the valve closes, P1ptc. When the well has been unloaded, the production 
pressure of the first valve is equal to P1pd and the valve’s opening pressure 
is increased to a new value P1pa2, as shown in the Fig. 9.27. If the surface 
operating pressure is kept constant, the unloading valves should close as the 
well is being unloaded because of the reduction in the production pressure 
at each valve. Once the depth of the first valve is found, the next step is to 
calculate the liquid flow rate and the required gas injection flow rate for the 
first valve. This is done following the procedures described in Section 9.2.3. 
Then, the valve’s temperature and the injection gas temperature upstream of 
the valve are calculated with the procedures given in Section 9.2.4.

With the injection gas flow rate already determined, the choke area can be 
calculated using P1pa as the upstream pressure and P1pt (defined in the next 
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paragraphs) as the downstream pressure. With the production pressure P1ptc 
and the injection pressure P1pa, the dome pressure at operating conditions 
can be found from:

− + =P R P R P(1 ) ( )1pa 1ptc dome (9.9)

Where R is the area ratio of the valve equal to the port area (not the choke 
area) divided by the bellows area. With the dome pressure at operating con-
ditions already known, the test-rack opening pressure is found by dividing 
the dome pressure at test-rack conditions by (1 – R).

The transfer production pressure, P1pt, is a parameter used as a safety fac-
tor to avoid unnecessary gas restriction across the unloading valves while 
injecting gas to reach the next valve below. If this safety factor is not used, 
it might not be possible to reach the lower valve because of the reduced 
injection gas flow rate. In case of the first valve, the gas restriction problem 
can be solved by increasing the injection pressure without having to worry 
about opening an upper unloading valve, but that is not the case for the 
rest of the unloading valves. If an upper valve is opened while trying to 
pass the required gas flow rate, the unloading process might be inefficient 
and unstable. If the transfer production pressure is too large, the number of 
unloading valves could be unnecessarily large. Unfortunately, it is only pos-
sible to know exactly the value of P1pt if the dynamic behavior of this type of 
valve, shown in Fig. 9.28, is known. The dynamic behavior of gas lift valves 

P1pa (1−R)+P1ptc (R)=Pdome

■■ FIGURE 9.28 Determination of the transfer production pressure P1pt.
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with chokes upstream of the seat has not been reported in the literature yet. 
The reader is advised to review Sections 8.2 and 8.4 in chapter: Gas Flow 
Through Gas Lift Valves, to have a better understanding of the explanations 
given in the next paragraphs.

Because the ball is always exposed to the production pressure and the bel-
lows is always exposed to the injection pressure, the procedure given in 
Section 8.2.1 can be used to find the throttling flow region, which is given 
by the area A–B′–C′–D in Fig. 9.28. Below line A–B′, the valve is closed 
and above line C’–D the valve is fully open. The flow restriction is mainly 
due to the choke if the flow area between the ball and the seat is larger than 
the choke area; therefore, it is not necessary to fully open the valve to reach 
the maximum flow rate. The gray area in Fig. 9.28 represents the area where 
the valve is sufficiently open for the flow to be determined by the choke flow 
area. Line A′–C′″ corresponds to the line below which the valve restricts 
the flow due to the ball being too close to the seat. The horizontal line that 
passes through point P1pa intersects the line A′–C′″ where the production 
pressure should be equal to P1pt. While the well is being unloaded through 
the first valve, the production pressure should not drop to values less than 
P1pt, because the injection gas flow rate could be severely restricted. When 
the production pressure drops to values lower than P1ptc, the valve closes. 
The production closing pressure for valves without upstream chokes is de-
termined by line A–B and not by line A–B′. This is due to the dynamic ef-
fects that are introduced because the injection pressure affects the pressure 
that surrounds the ball when an upstream choke is not installed.

For valves with upstream chokes, when the production pressure drops to 
P1pd, the new value of the injection opening pressure becomes P1pa2 as 
shown in Fig. 9.28.

The design of the rest of the valves is done in the same way as explained for 
the first one, with the exception of the operating valve, for which the actual 
production pressure should be used in the calculations instead of the de-
sign production pressure and, additionally, the operating injection pressure 
should be reduced by a differential pressure ∆E, as shown in Fig. 9.27 for 
the same reasons explained in the previous methods. Most designers prefer 
to install an orifice at the operating point of injection, which introduces the 
advantages and disadvantages given previously for mandrel spacing by se-
quentially dropping the valve’s closing pressure.

The designer must define a minimum pressure differential ∆D between the 
operating pressure and the production pressure for which mandrel spacing 
should be stopped. The spacing procedure also ends when the minimum 
distance between two consecutive mandrels is obtained or when the desired 
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point of injection has been reached. Then, readjustments of all mandrel 
depths must be made and, if applicable, mandrel depths below the operat-
ing injection point should be defined following the steps presented in pre-
vious methods. The final operating injection pressure must be calculated 
because the available upstream choke diameter is usually larger than the 
calculated diameter. But, on the other hand, the required upstream choke 
diameter could be larger than the largest one commercially available (use 
two mandrels or a multi-pocket mandrel in this case). Once the valves  
are installed, the well should be tested for different injection gas flow rates 
to optimize its production.

As much as this method could be used to reach deeper points of injection, 
care should be taken while trying to implement it because the design of the 
unloading valves could be very difficult and it might not be possible to reach 
the desired point of injection for not knowing the dynamic behavior of this 
type of valves. This method is only recommended if: (1) the increase in 
liquid production is worth the effort and there is no other way of reaching a 
deeper point of injection, (2) the IPR curve of the well and fluids properties 
are very well known, and (3) the designer knows the dynamic behavior of 
gas lift valves with upstream chokes.

9.2.2 Mandrel spacing for PPO valves
PPO valves are not widely used because: (1) Their operation tends to be un-
stable, (2) wells with PPO valves are difficult to troubleshoot, (3) a greater 
number of unloading valves are required, and (4) they offer more restric-
tions to the injection gas. However, these valves are used when the available 
injection pressure is too low or fluctuates too much and, in consequence, the 
unloading of the well is performed based on the reduction of the production 
pressure and not on the reduction of the injection pressure. This type of 
valve is also recommended for: (1) dual wells, (2) in wells where the tem-
perature fluctuations are too large, or (3) where the difference between the 
temperature at no flow conditions and the one at normal liquid production 
operation of the well is too large. Fig. 9.29 shows the recommended proce-
dure for mandrel spacing when using PPO valves.

The nomenclature in Fig. 9.29 for a particular nth valve is as follows: “npd” 
is the production pressure at the nth valve’s depth after the well has been 
unloaded; “nd” is the dome pressure at in situ, unloading conditions; “npto” 
is the production pressure at which the valve begins to open (if the produc-
tion pressure is increasing) in an unstable process that ends once the produc-
tion pressure reaches the dome pressure (known as “nd”); “npt” is the trans-
fer production pressure from which the unloading pressure gradient line is 
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traced to locate the valve right below; and “npo” is the operating injection 
pressure, which is the same for all unloading valves.

For PPO valves, it is necessary to define the production pressure design line 
that goes from Ptd at the surface to point “g” at the bottom of the well. There 
is no general rule to establish the exact values of these two points. Some 
designers define Ptd as Pwh plus 20 to 30% of the difference between Pop 
and Pwh. The design production pressure line should not be too close to the 
operating injection pressure line because this will result in a large number 
of unloading valves to be used; but it cannot be too close to the production 
pressure curve (the one that the well will have after the unloading process is 
completed) either because this will make it difficult for the unloading valves 
to close as the unloading proceeds. The depth of the first valve is found 
in the same way explained for previous spacing procedures. The operating 
injection pressure of the first valve, P1po, is fixed at the intersection of the 
operating injection pressure line and the horizontal line that determines the 
depth of the first valve. In the same manner, the dome pressure, P1d, and the 
production pressure, P1pd, are fixed once the depth of the valve is found. 
The transfer production pressure P1pt (explained in the next paragraphs) is 
established once pressure P1d has been found.

■■ FIGURE 9.29 Mandrel spacing for PPO valves.
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The second step is to determine the unloading liquid flow rate and its cor-
responding injection gas flow rate at the first valve. Then, the first valve tem-
perature while the gas is flowing through it and the injection gas temperature 
upstream of the valve must be determined. These calculations (liquid flow 
rate, injection gas flow rate, valve’s operating temperature, and injection 
gas temperature upstream of the valve) are explained in the next sections. 
Once the gas flow rate is known, the seat diameter is determined from: the 
gas flow rate, pressure P1po as the pressure upstream of the seat and pres-
sure P1pt as the pressure downstream of the seat. Once the seat diameter is 
determined, the area ratio of the valve, R, is established from the smallest 
commercially available valve seat that is greater than or equal to the calcu-
lated diameter.

The production opening pressure, P1pto, is found from the force–balance 
equation for PPO valves, given by:

− + =P R P R P(1 )  ( )1pto 1po 1d (9.10)

Where R is the valve’s area ratio, P1po is the gas injection pressure at valve’s 
depth, P1pto is the production opening pressure at the depth of the first valve, 
and P1d is the dome pressure of the first valve at operating conditions. If the 
valve is spring-loaded, P1d is the valve closing pressure at any temperature, 
which is equal to the valve’s test-rack closing pressure, Ptrc, if the valve’s 
calibration is defined by its closing pressure. Because pressures P1po and P1d 
are fixed once the depth of the first valve is found, Eq. 9.10 is used only to 
find the value of P1pto. Once the well is unloaded, production pressure P1pd 
cannot be greater than or equal to P1pto because the valve would not close. 
The reader is advised to review the equations given in chapter: Gas Lift 
Valve Mechanics, regarding the calibration of PPO valves.

The transfer production pressure of the first valve, P1pt, is defined as the 
dome pressure P1d plus a pressure increment defined by the designer. This 
increment is usually a percentage, constant for all valves, of the difference 
between the gas injection pressure at valve’s depth and the dome pressure. 
While unloading the well to reach valve “n + 1,” the production pressure at 
valve n should not fall below the dome pressure Pnd because the valve will 
begin to close. In fact, the production pressure should be high enough to 
avoid throttling the gas flow through the valve. These points explain why 
it is so important to accurately define the transfer production pressure (its 
definition is far more relevant for PPO valves than for IPO valves).

The designs of all other valves are done in the same way that is explained 
previously for the first valve, with the exception of the operating valve 
where the production pressure design line should not be used and, addition-
ally, the dome pressure should be equal to the production pressure minus a 

P1pto (1-R)+P1po (R)=P1d
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differential pressure ∆E as shown in Fig. 9.29 (this is done to guarantee that 
the operating valve is fully open). Most designers prefer to have an orifice 
valve at the point of injection. It is very important to use an orifice valve at 
the point of injection for this type of design because it guarantees that the 
point of injection is always open to pass gas. If a calibrated valve is used at 
the desired operating point of injection, it might not be possible to open it if 
the production pressure is too low unless the production tubing is somehow 
pressurized.

The combination of unloading PPO valves and an orifice at the operating 
point, provides the most flexible design to pass from very low to very high 
gas flow rates because: (1) the gas injection flow rate can be increased to 
very large values (therefore increasing the injection pressure) without the 
risk of opening upper valves, which are mostly sensitive to the production 
pressure and would not open even at very high gas injection pressures, and 
(2) the gas flow rate can be lowered without closing the operating valve. 
Some designers install IPO valves at the point of injection with the follow-
ing advantages: (1) the valve is able to open even at low production pressure, 
(2) the troubleshooting process is made a little easier, and (3) in some occa-
sions IPO valves could contribute to stabilize the well if necessary.

The designer must define a minimum pressure differential ∆D (see Fig. 9.29) 
between the operating pressure and the production pressure, for which man-
drel spacing should be stopped. The spacing procedure also ends when the 
minimum distance between two consecutive mandrels is obtained or when 
the desired point of injection has been reached. Then, if applicable, readjust-
ments of all mandrel depths must be made and mandrel depths below the 
operating injection point should be defined, if necessary, following the steps 
presented in previous spacing methods.

The great majority of PPO valves are spring-loaded because:

1. Spring-loaded valves are not sensitive to temperature;
2. They resist better the chattering of the valve that takes place in the 

unloading process with PPO valves; and
3. The difference between the production pressures from the time the 

valve is uncovered until the end of the unloading process, is large: This 
is adequate for spring-loaded valves, because they have large load rates 
and require a great pressure increase to fully open the valve (bellows’ 
or spring’s load rates are defined in chapter: Gas Flow Through Gas 
Lift Valves).

Many manufacturing companies of spring-loaded PPO valves offer their 
own design procedures, which are based on the specific behavior of each 
valve model. The McMurry company, for example, used to offer guiding 
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tables for the design of wells with spring-loaded PPO valves, models S-FO 
and JR-FO. These tables indicate the production pressure increment (above 
the closing pressure) that is needed to achieve a certain gas flow rate. It is 
important for the designer to be aware of the gas flow rate capabilities of 
this type of valve by direct communication with valve manufacturing com-
panies. This would allow accurate determination of the transfer production 
pressure and the valve’s closing pressure.

The reader should review what is said at the end of the section that describes 
the mandrel spacing procedure by sequentially dropping the valve’s closing 
pressure of IPO valves regarding the fact that the calculated seat diameter 
rarely coincides with one of the commercially available diameters (they 
might be too large or too small).

As it has been pointed out in the spacing procedures given previously, once 
the valves are installed in the well it is recommended to test the well at 
different injection gas flow rates to determine the actual liquid flow rate 
the well can produced and its corresponding injection gas flow rate. It is 
also important to verify by troubleshooting analyses if the current point of 
injection is the one stipulated by design. Because troubleshooting is dif-
ficult to perform for PPO valves, it might be a good idea to run pressure 
and temperature surveys in a reduced number of wells to verify that the 
design procedure being used is adequate for each operational condition. 
The point of injection is easily identified by the cooling effect caused by  
the gas injection at the depth of the operating point of injection. Pressure 
and temperature surveys are not necessary for all wells, but only for those 
wells that represent average operational conditions of a particular group 
of wells. Wireline operations are costly and some operational risks are in-
volved in this type of operation.

9.2.3 Unloading liquid flow rate and required 
injection gas flow rate at each unloading valve
It is important to calculate the liquid flow rate that can be attained during 
each stage of the unloading process because it determines the unloading 
valve temperature and the required injection gas flow rate through each un-
loading valve. The total liquid flow rate that the well produces while being 
unloaded is the sum of the liquid flow rate coming from the formation, QLf, 
plus the completion liquid flow rate that is entering the tubing as it is dis-
placed by the gas from the annulus, QLc, (if the well produces up the tubing) 
or the liquid coming from the tubing (if the well produces up the annulus). 
Usually, the flow rate of the completion fluids being displaced is assumed to 
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be equal to 100 or 200 STB/D, but its real value depends on the actual gas 
flow rate that is injected into the well.

Before uncovering the first valve, all the gas that is injected into the well is 
used to displace the completion fluids and, therefore, it is easy to determine 
the liquid flow rate if the flowing bottomhole pressure is above the static res-
ervoir pressure because the liquid flow rate is equal to the volume of liquid 
displaced by the injection gas in a given time interval.

Once the first valve is uncovered, a portion of the injected gas goes to dis-
place the completion fluids while the rest is injected into the tubing to re-
duce the production pressure (if the well produces up the tubing) or into 
the annulus to reduce the production pressure in the annulus (if the well is 
being produced up the annulus). If the unloading operation is carried out 
very slowly, it is a good assumption to consider that all the gas is injected 
to reduce the production pressure while, at the same time, estimating the 
liquid production to be 100–200 STB/D larger than what the reservoir can 
provide for a given bottomhole pressure. This last assumption increases the 
required gas injection flow rate above what is needed if all the fluid would 
come from the reservoir only. The reservoir begins to produce fluids as soon 
as the flowing bottomhole pressure is less than the static reservoir pressure.

The liquid flow rate that the well produces determines the temperature of 
the unloading valves and the required gas flow rate through each of these 
valves. Some designers calculate the seat diameters of all unloading valves 
as if they have to pass the final injection gas flow rate after the well has been 
unloaded. This practice gives large seat diameters for the unloading valves 
because the final gas flow rate is larger than the unloading gas flow rate 
at each valve. Large diameter seats increase the risk of valve interference 
(the upper valve will open and close repeatedly while injecting gas through 
the one right below) because they exhibit large spreads (difference between 
the opening and closing pressures). This is more pronounced for the upper 
valves. It is necessary then to calculate the seat diameters in a more precise 
way by finding a more appropriate gas flow rate for each unloading valve.

It is good practice to install seats with small diameters (available for the 
selected valve model) for the unloading valves above the reservoir’s static 
liquid level. In this way the unloading process takes more time but the risk 
of valve interference is reduced and it might even allow reaching a deeper 
point of injection (because the sequential pressure drop per valve is reduced 
in case of IPO valves). This practice also minimizes the risk of cooling an 
unloading, nitrogen-charged, gas lift valve to a temperature at which the 
valve would not close. The temperature drop surrounding a valve might be 
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caused by a higher than needed injection gas flow rate (caused in turn by 
installing a large diameter seat) coupled with a low liquid feed in.

The calculation of the gas and liquid flow rates for each unloading valve 
depends on how accurate the IPR curve is known; but, independently of 
this fact, the production-pressure-traverse curve to be used during mandrel 
spacing calculations corresponds to the liquid flow rate the well will have 
once it is unloaded and gas is injected through the desired point of injection. 
This point of injection depth and the final liquid and injection gas flow rates 
must then be known, or at least assumed, prior to beginning any mandrel 
spacing procedure.

IPR Curve is Unknown. When the IPR curve is not known, the designer usu-
ally relies on a rough estimation of the liquid production the well might have 
after it has been unloaded. This liquid flow rate is estimated from nearby 
wells producing from the same reservoir or from the production history of the 
own well, if available. Additionally, if the IPR curve is unknown, the gas flow 
rate at each unloading valve can be approximated by assuming that the liquid 
flow rate for each valve is the same as the final design liquid flow rate (after 
the well has been unloaded), but with the required gas/liquid ratio to achieve 
the “transfer production pressure” at each unloading valve’s depth. This 
transfer production pressure can be equal to the expected final production 
pressure at valve’s depth or a little higher, depending on how confident the 
designer is regarding the accuracy of the calculated production pressure. This 
is appreciated in Fig. 9.30a for the case in which the transfer production pres-
sure is equal to the production pressure the well will have after it has been un-
loaded and in Fig. 9.30b in which, with the exception of the operating valve 
(deeper valve), the transfer production pressure is, by design, greater than 
the expected production pressure, for which the required gas/liquid ratio is 
smaller. All the pressure gradient curves shown in Fig. 9.30 correspond to the 
same liquid flow rate but for different gas/liquid ratios (Rgl). For Fig. 9.30a, 
each gas/liquid ratio corresponds to the one needed to achieve the minimum 
pressure gradient curve at a particular valve’s depth (or the minimum pos-
sible production pressure gradient if the maximum available gas flow rate has 
been reached). For Fig. 9.30b, each gas/liquid ratio corresponds to the one 
required to reach the transfer production pressure at a given depth (and final 
liquid flow rate) but the final production-pressure-traverse curve (on which 
the spacing procedure is based) is still the minimum pressure gradient curve.

This way of approximating the gas flow rate tends to give large seats but not 
as large as when it is assumed that the valve should be able to pass the de-
sign injection gas flow rate the well will have during normal operation (after 
it has been unloaded), because the gas/liquid ratios are lower at shallower 
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depths (as seen in the Fig. 9.30). The injection gas flow rate at a particular 
unloading valve n is approximated with the following equation:

=Q Q R( )/1000gin L gltn (9.11)

Where Qgin is the gas flow rate through the nth valve in Mscf/D, QL is the 
design liquid flow rate in STB/D, and Rgltn is the total gas/liquid ratio at the 
depth of the nth valve in scf/STB required for the production pressure to be 
equal to the transfer production pressure. The liquid flow rate is established 
from nearby wells from the same reservoir or, if it is an exploratory well and 
no data is available from the reservoir, several flow rates are assumed, as 
explained in Fig. 9.25. In Fig. 9.30, the total gas/liquid ratio needed to reach 
the final operation production pressure (lowest pressure gradient curve in 
the figure) must be the gas/liquid ratio that corresponds to the minimum 
pressure gradient for the expected liquid flow rate, unless the maximum 
available gas flow rate has been reached, in which case the gas/liquid ratio 
will be the highest possible with the available maximum injection gas flow 
rate the gas lift system can provide. The pressure traverse curves in Fig. 9.30 
are calculated with the type of fluids the well can produced.

Because it is not known how the reservoir is going to provide gas and liq-
uids during the unloading and final operation of the well, the formation gas 
flow rate was not considered in Eq. 9.11. This also serves as a safety factor, 

Qgin=QL (Rgltn)/1000

■■ FIGURE 9.30 Total gas/liquid ratio at 
each unloading valve (keeping the liquid 
flow rate constant). (a) Transfer production 
pressure equal to the expected production 
pressure. (b) Transfer production pressure greater 
than the expected production pressure.
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because assuming that the formation gas flow rate is equal to zero is the 
best that can be done. On one hand, this gives larger valve seats (because 
the injection gas flow rate is larger than the value that might be needed), 
which could increase the possibility of valve interference; but, on the other 
hand, it guarantees a high injection gas flow rate in case it is needed to reach 
the next lower valve. Installing a very small seat could seriously limit the 
possibility of lowering the production pressure to uncover the next valve. 
Having a seat larger than necessary might cause a decrease in the injection 
pressure, making it difficult to reach the lower valve but, in this case, the 
problem can be solved by temporarily increasing the gas flow rate during the 
unloading of the well. It is unlikely that the reservoir can provide any forma-
tion gas during the initial stages of the unloading process and, additionally, 
the completion-fluid pressure gradient is usually greater than the reservoir 
fluid pressure gradient. These facts increase the required injection gas flow 
rate during the unloading operation. Then, assuming that the well is going 
to produce reservoir fluids only (with zero formation gas/liquid ratio) at the 
design liquid flow rate (throughout the unloading process), is an acceptable 
recommendation when nothing, or very little, is known about the well’s IPR 
curve.

If the formation gas/liquid ratio is approximately known, the gas flow rate 
through the desired point of injection (operating valve) is calculated with 
the following equation:

= −Q Q R R( )/1000gifinal L glt glf (9.12)

Where Qgifinal is the injection gas flow rate through the operating valve in 
Mscf/D, QL is the design liquid flow rate in STB/D the well will provided 
once the unloading process has ended, Rglt is the total gas/liquid ratio in scf/
STB and Rglf is the formation gas/liquid ratio, also in scf/STB.

Note that, even though the unloading liquid flow rate is equal to the final 
liquid flow rate (which is larger than the one that might be present during 
the unloading operation), the unloading fluids are assumed to be 100% the 
ones provided by the reservoir while completion fluids (which are heavier) 
are not considered in the calculations. Thus, one assumption tends to cancel 
the other out and, in reality, not much more can be done when the IPR curve 
is unknown. However, the unloading-pressure-gradient lines that are used to 
locate the next valve in the spacing procedure (from the transfer production 
pressure) should be based on a pressure gradient greater than or equal to the 
current completion-fluid pressure gradient.

IPR curve is known. Several procedures for calculating the unloading 
liquid flow rate at each valve and their corresponding gas flow rates are 

Qgifinal=QL (Rglt−Rglf)/1000



4299.2  Gas lift mandrel spacing procedures and valve design calculations

presented next for cases in which the IPR curve and the pressure-volume-
temperature (PVT) data of the reservoir fluids are known. Fig. 9.31 shows 
what happens when the production pressure at the first valve just reaches 
(in the unloading process) the production transfer pressure for that valve 
while the bottomhole flowing pressure is still larger than the reservoir pres-
sure. A straight line with the completion-fluid pressure gradient is traced 
from the production transfer pressure to the bottom of the well to get the 
bottomhole flowing pressure. If this bottomhole flowing pressure is greater 
than the static reservoir pressure, then no fluids are being produced from 
the reservoir and the liquid flow rate is equal to the flow rate of the fluids 
being displaced from the casing-tubing annulus into the production tub-
ing, which is usually estimated to be equal to 100 or 200 STB/D, as stated 
previously. In this case, the injection gas flow rate is determined by finding 
the production-pressure-traverse curve with the gas/liquid ratio that con-
nects the wellhead pressure, Pwh, to the production transfer pressure for 
the unloading liquid flow rate, using the completion fluids as the type of 
fluids being produced. The injection gas flow rate is found from Eq. 9.11, 
for which in this case the liquid flow rate is the unloading liquid flow rate 
of the completion fluids (taken as 100 or 200 STB/D).

If the bottomhole flowing pressure in Fig. 9.31 is less than the static reser-
voir pressure, there are different calculation procedures available (depend-
ing on the preference of the designer) to approximately find the required 

■■ FIGURE 9.31 Bottomhole flowing pressure when the production pressure at the first 
valve is equal to the transfer production pressure stipulated for that valve.
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injection gas flow rate and the unloading liquid flow rate at each unloading 
valve. One approximation used by some designer is as follows:

j The flowing bottomhole pressure is found for each unloading valve 
by tracing the unloading liquid pressure gradient line (which is the 
“heavy” straight line used in mandrel spacing) from the production 
transfer pressure at each valve to the depth of the formation. With this 
bottomhole pressure, the liquid flow rate that the reservoir can provide 
is found from the IPR curve.

j At the depth of each unloading valve, the gas/liquid ratio for minimum 
production pressure gradient, Rglmingrad, is found. The liquid flow rate, 
QL, in this case is the sum of the liquid flow rate from the reservoir 
(found in the previous step) plus the flow rate of the completion fluids 
being displaced from the annulus, taken as 100 or 200 STB/D. The 
specific gravity of the liquid used in this case is a volumetric average 
value calculated from the reservoir’s and the completion fluids’ specific 
gravities.

j The injection gas flow rate for each unloading valve, Qgin, is found 
from the following equation: Qgin = (Rglmingrad)QL/1000. Where Qgin is 
expressed in Mscf/D, Rglmingrad in scf/STB, and QL in STB/D. The gas 
coming from the formation is not taken into account for the unloading 
valves.

j For the operating valve, the injection gas flow rate is found from 
Qgi = QL (Rglt – Rglf)/1000, where the formation gas is considered (Rglt 
and Rglf are defined in Eq. 9.12). The liquid flow rate is the design 
liquid flow rate (all of it coming from the formation). The total gas/
liquid ratio is the one (if possible) that gives the minimum production 
pressure gradient or the minimum pressure gradient that can be 
obtained from the available gas flow rate.

The procedure just described previously tends to give higher bottomhole 
pressures. This is due to the fact that the unloading (heavy) pressure gradi-
ent is used to find the bottomhole pressure. But in reality, as soon as the 
flowing bottomhole pressure gets smaller than the reservoir pressure, the 
liquid pressure gradient begins to change in a way that is very difficult to 
estimate. For this reason, some designers modify the procedure by replac-
ing the unloading pressure gradient line (the straight line from the transfer 
production pressure to the formation) with the actual reservoir fluid pres-
sure gradient (lighter), but not taking into account the formation gas (as a 
safety factor). Other designers do take into account the formation gas but 
for formation liquid rates greater than or equal to 20% of the design liquid 
flow rate (the one the well will have at the end of the unloading process).
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At the other extreme of the “practical” ways of calculating the liquid flow 
rate explained so far, there are rigorous computer programs that calculate 
the unloading liquid flow rates following a complete nodal analysis at each 
unloading valve. The procedure that is described next tends to give larger 
unloading liquid flow rates as compared to the previous procedures. Even 
though this next procedure appears to be very rigorous, it is still a rough 
approximation of the complex process that takes place during the unloading 
of a gas lift well. The calculation procedure is based on the use of “constant-
injection-gas-flow-rate equilibrium curves.” The reader is advised to review 
Section 5.1.3 in chapter: Total System Analysis Applied to Gas Lift Design, 
to have a better understanding of the following explanations.

The mandrel spacing procedure is based on the production-pressure- 
traverse curve, which is obtained from the initial calculations that are car-
ried out to find the operating point of injection depth, as described at the 
beginning of this chapter. Then, the depth of each unloading valve and its 
transfer production pressure are found from the particular spacing proce-
dure being used. Once the depth of the unloading valve is determined, a 
series of nodal analysis can be performed for different gas flow rates (but 
keeping the injection point depth equal to the depth of the unloading valve 
being designed) as shown in Fig. 9.32a. The objective is to find the gas 

■■ FIGURE 9.32 Determination of the liquid flow rate and the injection gas flow rate for the 
first unloading valve using nodal analysis. (a) Inflow–outflow diagram and (b) pressure–depth 
diagram.
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flow rate that gives a production-pressure-traverse curve that passes through 
the transfer production pressure P1pt at the depth of the valve (which hap-
pens to be equal to Qgi2 in Fig. 9.32b). This procedure simultaneously gives 
the required injection gas flow rate and the unloading liquid production. If 
the reservoir is capable of producing liquids with the gas injection taking  
place through the unloading valve and with the production pressure equal 
to the transfer production pressure, the equilibrium curve for the unloading 
injection gas flow rate should intersect the pressure traverse curve at the 
depth of the valve at a pressure equal to the transfer production pressure.

The transfer production pressures for the unloading valves (P1pt, P2pt, ...) are 
shown in Fig. 9.33 together with equilibrium curves for different injection 
gas flow rates. These equilibrium curves go from the minimum gas flow rate 
equilibrium curve at which the well can produce liquids in a stable manner 
(the uppermost curve) to the maximum gas flow rate equilibrium curve that 
gives the minimum production pressure gradient traverse curve at the oper-
ating point of injection. As it can be seen in the figure, the first valve is above 
the static liquid level and even though the second valve is below the static 
liquid level, the transfer production pressure is too large for the reservoir to 
produce any liquids. In these two cases, commercially available computer 
programs do not calculate the liquid production and simply place the valve 
with the minimum seat diameter (the minimum seat diameter value is cho-
sen by the designer).

■■ FIGURE 9.33 Equilibrium curves for different injection gas flow rates, Qgi.
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In the method just described, the equilibrium curves are determined by stan-
dard routines, where the dynamic nature of the unloading process is not 
taken into account. This method should give good results if the unloading 
process is done very slowly because, in this way, important transient aspects 
of the unloading process are minimized.

Dynamic well models. The most rigorous procedure that can be used to cal-
culate the liquid flow rates and their corresponding gas injection flow rates 
for each unloading valve is to use dynamic models. But this approach is 
not practical at this time to be used in design calculations because dynamic 
well models are not fully developed yet for that purpose. There have been 
several dynamic models developed at The University of Tulsa, such as the 
ones by Pothapragada (1996) and Tang (1998), which describe the dynamic  
behavior of the well in an approximate way, but they cannot be consid-
ered as practical or truly valid tools to be used to design unloading valves 
because they need further development; however, there are commercially 
available dynamic simulators that can be used to simulate the unloading and 
normal operation of gas lift wells and they are becoming important trouble-
shooting tools. Undoubtedly, as progress is made on models for transient 
multiphase flow and transient behavior of the formation near the wellbore, 
these dynamic models will replace the design procedures we use today. The 
new dynamic models that will be developed in the future will give much 
more accurate results, not only for the unloading liquid flow rate calcula-
tions, but also for analyzing and avoiding unstable production conditions.

Dynamic models are used today to simulate the unloading operation of  
complex wells to avoid extremely high liquid flow rates through the un-
loading valves. For example, in wells that can produce on natural flow but 
need gas lift to boost their production, liquid flow through the unloading gas 
lift valves begins as soon as the well is opened to production, even before 
starting gas injection. The American Petroleum Institute (API) recommen-
dations for unloading gas lift wells are not applicable for this type of wells 
and the best that can be done is to dynamically simulate the entire unload-
ing process with the help of commercially available dynamic simulators to 
developed the right procedure to unload and operate these wells.

9.2.4 Injection gas temperature at depth  
and valve operating temperature calculation
The temperature distribution along the well, during the unloading process, 
and in normal operation, plays an important role in the design and trouble-
shooting analyses of gas lift wells. To calculate the injection gas pressure 
at depth, its temperature along the entire length of the well must be known. 
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The injection gas temperature at valve’s depth should also be known to find 
the gas flow rate through each valve (it is a parameter used in all gas flow 
rate equations). On the other hand, temperature also plays a major role in 
determining nitrogen-charged gas lift valve’s closing pressures. The injec-
tion gas temperature at depth and the production fluid temperature must be 
known to calculate the nitrogen pressure inside the dome of the valve.

During production pressure traverse calculations, fluid properties are cal-
culated (using the average pressure and temperature at each tubing length 
interval) and then these properties are used to find the pressure gradient in 
the iteration process, see Section 3.2.2 in chapter: Multiphase Flow. It is 
important to point out that relatively large errors can be made in the estima-
tion of the production fluid temperature without affecting very much the 
production pressure traverse calculation. The production-fluid temperature 
prediction along the well is also useful in finding out if favorable condi-
tions are present for paraffin, asphaltene, or hydrate formation at some point 
along the production tubing string. Sometimes the injection gas lowers the 
temperature of the fluids in the upper sections of the production tubing caus-
ing paraffin depositions. This problem is solved in some fields by heating 
the injection gas to melt the depositions; however, this solution is costly and 
involves some operational risks. Bypassing the compressor’s after-cooler 
can be a good solution for small gas lift systems.

The prediction of the injection gas and valve temperatures during the un-
loading of the well is an extremely complex operation. For this reason, ap-
proximate calculation procedures that have shown good results are used. 
However, it is possible that for difficult wells (with high liquid flow rates, or 
high water cuts, or extreme formation temperatures like the ones found in 
places such as Alaska) these procedures might not work. In those difficult 
cases, the best way to estimate the valve and injection gas temperatures is 
by field trial-and-error procedures. An example of a solution found by trial 
and error is presented at the end of this section.

The geothermal and production fluid temperatures determine the injec-
tion gas and valve temperatures. The geothermal temperature is usually 
considered to be a linear function of the true vertical depth as shown in 
Fig. 9.34. The value of the geothermal temperature gradient is usually 
close to 0.015°F/ft. When there is a shallow gas reservoir, the geothermal  
temperature tends to be a little cooler above this shallow formation and a 
little hotter below it because it acts as an isolation barrier.

The calculation of the production fluid temperature profile is much more 
complex than the calculation of the geothermal temperature. The production 
fluid temperature is higher for wells with high water cuts, high production 
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rates (or high liquid velocity found in small diameter tubing even at mod-
erate flow rates). The reader is advised to review the equations given in 
Section 3.2.2 in chapter: Multiphase Flow, to calculate the temperature of 
the production fluids. Fig. 9.34 shows the temperature of the production 
fluids along the well when the well is operating at the design liquid flow 
rate. This temperature profile usually presents a local temperature drop at 
the depth of the operating valve which is detected by a temperature survey 
in the great majority of cases (if the liquid holdup is large, the injection 
point is not easily detected and it becomes necessary to use high precision 
temperature sensors like the ones used in continuous temperature surveys, 
see Section 11.5.2 in chapter: Continuous Gas Lift Troubleshooting). The 
best way to know the behavior of the production temperature is to measure 
it for different liquid flow rates. There is a technique that can be used to si-
multaneously measure the production temperature along the entire length of 
the production tubing, which consists of an optical fiber extended from the 
wellhead to the bottom of the well. This is highly recommended for detect-
ing problems in wells with unstable production or when temperature plays 
a major role when trying to unload a high water cut well or with extreme 
formation temperatures. This technique is discussed in detail in chapter: 
Continuous Gas Lift Troubleshooting, Section 11.5.7.

The injection gas temperature depends on its flow rate, the production fluids 
temperature profile, and if the gas is injected down the tubing or down the 

■■ FIGURE 9.34 Geothermal and production temperature profiles for a well producing 
at the design liquid flow rate.
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tubing-casing annulus. Fig. 9.35 shows the injection gas temperature profile 
(for different injection gas flow rates Qgi) when the well is producing at its 
design liquid flow rate.

As can be seen in Fig. 9.35a, when gas is injected down the casing-tubing 
annulus, the “average” injection gas temperature is very close to the geo-
thermal temperature. This is due to the fact that the injection gas enters 
the annulus with a temperature equal to the gas surface temperature and  
it takes some time for the gas to reach a temperature that is usually be-
tween the geothermal temperature and the production fluids’ temperature. 
In most cases, the influence of the geothermal temperature is greater than 
the one exerted by the production fluid temperature. Thus, the average 
injection gas temperature can be assumed equal to the geothermal tem-
perature when calculating the injection gas pressure at depth. The geo-
thermal temperature can also be used in the calculation of the gas flow 
rate through the operating valve (usually the deepest gas lift valve in the 
well) because at that depth the geothermal and the fluid production tem-
peratures are similar.

When gas is injected down the production tubing, the injection gas tem-
perature for the well at design operating conditions is, on average, closer 
to the linear temperature that is obtained when the production surface 

■■ FIGURE 9.35 Injection gas temperature profile (for different injection gas flow rates 
Qgi) when the well is producing at its design liquid flow rate. (a) Gas injected down the 
annulus; (b) gas injected down the tubing.
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temperature is connected to the reservoir temperature by the dashed, 
straight line that can be seen in Fig. 9.35b (this line is often used to find  
the “design” unloading valve temperature). In most wells, the injection 
gas temperature along the production tubing string is very close to the 
fluid temperature in the casing-tubing annulus. This makes the injection 
pressure at depth be lower than the value it would have at cooler tempera-
tures. Another factor that helps reduce the injection pressure at depth is the 
friction pressure loss, which should (in some cases) be considered when 
gas is injected down the production tubing at very large flow rates. For the 
injection gas flow rate calculation at the final point of injection (operating 
valve), it can be seen that in this case the geothermal temperature can also 
be used because it is very close to the production fluid temperature and, 
therefore, to the actual injection gas temperature.

The temperature profiles described so far correspond to a gas lift well al-
ready in normal operation. Estimating the injection gas temperature, as 
well as the valve’s temperature, is much more complex during the unload-
ing operation. Before reaching the first valve, the injection gas flow rate is 
very low (to avoid eroding the seats of all valves), thus the injection gas 
temperature is very similar to the geothermal temperature. At this stage, the 
production fluids also have a temperature profile close to the geothermal 
temperature. It is a good approximation to assume the injection gas tem-
perature to be equal to the geothermal temperature when calculating the gas 
flow rate and the injection pressure for the first valve. This is true for both, 
annular or tubing flow. But the dome temperature of the first valve should 
be estimated at values higher than the geothermal temperature. If the geo-
thermal temperature is assumed for the first valve’s dome temperature, this 
valve may close before the injection gas reaches the second valve while un-
loading the well (because the liquids coming from below the first valve are 
hotter than the geothermal temperature at the first valve, even if this valve 
is above the static fluid level). In general, valves above the static fluid level 
should be calibrated with a temperature distribution cooler than the one for 
valves below the reservoir static liquid level, see Fig. 9.36. The surface de-
sign temperature for the upper valves is equal to the geothermal temperature 
plus 25 to 30% of the difference between Twh (which is the surface produc-
tion temperature for the well under normal operation) minus the geothermal 
temperature at the surface. For lower valves, the surface design temperature 
is Twh. If a valve is below the static fluid level, but the transfer pressure for 
that particular valve is such that no fluid will come from the formation, the 
valve should be treated as a valve above the static fluid level.

As the well is unloaded, the injection gas flow rate is increased so the injec-
tion gas reaches the geothermal temperature at deeper depths. For valves 
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above the reservoir static liquid level, the unloading process might take 
place with an average gas injection temperature slightly lower than the geo-
thermal temperature, so that the injection gas pressure gradient should be 
slightly above the one it would have at the geothermal temperature. When 
the unloading process starts to take place from valves below the static liquid 
level, the production fluid temperature begins to be greater than the geother-
mal temperature but it is difficult to calculate its value because the fluid flow 
in the reservoir near the wellbore and the multiphase flow along the produc-
tion tubing string are not under steady state conditions. When gas is injected 
down the annulus, the injection gas begins to have an average temperature 
that could be slightly higher or lower than the geothermal temperature. Be-
cause this temperature difference affects very little the injection gas pressure 
gradient, it is also a good approximation in this case to assume the injection  
gas temperature equal to the geothermal temperature.

If gas is injected down the production tubing string, the average injection 
gas temperature during the initial stages of the unloading process is only 
slightly higher than the geothermal temperature because the gas velocity in 
this case is higher than for annular gas injection (so it takes deeper depths 
for the gas to reach the production fluid temperature) and also because the 
production fluid temperature has not reached its maximum value. For deeper 
valves, toward more advanced stages of the unloading process, the injection 
gas temperature is going to be only slightly lower (if not equal) than the 
production fluid temperature.

■■ FIGURE 9.36 Linear approximation of the design temperature of the unloading 
valves, depending on their location with respect to the reservoir’s static fluid level.



4399.2  Gas lift mandrel spacing procedures and valve design calculations

A more rigorous way of estimating the temperature at each unloading valve 
(below the static liquid level) and the injection gas temperature, is by cal-
culating the unloading liquid flow rate at each unloading valve, using the 
constant-gas-flow-rate equilibrium curves, as explained at the end of the 
previous section. The unloading liquid production flow rate and the required 
injection gas flow rate to reach the “transfer production pressure” at each 
valve are calculated for each unloading valve. The production fluid tempera-
ture traverse curve is calculated for each unloading valve at its correspond-
ing liquid and gas flow rates using the equations given in chapter: Single and 
Multiphase Flow Through Restrictions. Heat transfer calculations are then 
performed to find the injection gas temperature along the depth of the well 
for each unloading condition. If gas is being injected down the annulus, the 
gas injection temperature is bounded by the geothermal temperature and the 
production temperature. If gas is being injected down the production tubing 
string, the gas temperature is bounded by the production liquid temperature 
only. Regarding the temperature of each unloading valve, instead of using 
the linear temperature profile given in Fig. 9.34, an average temperature is 
found in a manner that depends on the way the gas is injected and on the 
type of valve being used.

j When gas is injected down the annulus and wireline retrievable valves 
are installed in standard side pocket mandrels inside the tubing, there 
are two possibilities:
❏ If the valve is a 1-in. OD valve, it is usual for the dome to be below 

the upper gas lift valve packings, thus the dome is surrounded by 
the injection gas, and the dome’s temperature is approximately 
equal to the injection gas temperature plus one-third of the 
difference between the production liquid temperature and the 
injection gas temperature at valve’s depth.

❏ If the valve is a 1.5-in. OD valve, it is usual for the dome to 
be above the upper gas lift valve packings, thus the dome is 
surrounded by the production liquids, and the dome’s temperature 
is approximately equal to the injection gas temperature plus  
two-thirds of the difference between the production liquid 
temperature and the injection gas temperature at valve’s  
depth.

j When gas is injected down the annulus and the gas lift valves are 
installed in concentric mandrels inside the tubing, the temperatures of 
the valves are assumed to be equal to the production temperature at 
each unloading stage.

j When gas is injected down the annulus and the valves are installed 
outside the tubing in conventional (tubing retrievable) mandrels, the 
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temperatures of the valves are assumed to be equal to the injection gas 
temperature.

j If gas is injected down the tubing and the valves are installed in 
concentric or eccentric mandrels, the temperatures of the valves are 
assumed to be equal to the injection gas temperature. This does not 
mean that the temperatures of the valves are going to be closer to the 
geothermal temperature. Temperature surveys run in wells where gas is 
injected down the production tubing string indicated that the injection 
gas reached the production fluid temperature after the well has been 
operating under normal design conditions for a short period of time.

j If gas is injected down the tubing string and the valves are installed 
outside the tubing (in conventional or tubing retrievable mandrels) the 
temperatures of the valves are assumed to be equal to the production 
fluids’ temperature.

Calculations should be done as rigorously as possible, but it is important to 
know that temperature effects on gas injection pressure at depth and on its 
flow rate are not very profound and there is room for good approximation 
techniques without loss of accuracy.

j For a depth of 10,000 ft. and a surface injection pressure of 1,800 psig, 
a 30% error in the injection gas temperature above the actual 
temperature, introduces an error of -2.13% in the estimation of the 
gas injection pressure at depth, which is equal to approximately 50 
psig lower than the actual pressure of 2,347 psi. For lower pressures 
and depths, the errors are much smaller. Considering the fact that 
errors made while estimating the gas injection temperatures are not 
as high as 30% of its actual values, it is safe to say that the errors in 
the estimation of the gas injection pressure at depths (made for not 
knowing the precise gas injection temperature) are very small.

j If the injection pressure at the entrance of the valve is 1800 psi, an 
error of 30% in the injection gas temperature will induce an error in the 
estimation of the gas injection flow rate of only 5.2% in critical flow. In 
many gas lift fields, this error could be smaller than the measurement 
error of the formation gas/oil ratio of the produced fluids at the 
separator.

Even though the errors described previously are small, the combined effect 
of assuming a temperature profile that is too low or too high in comparison 
to its actual value could cause, in some cases, serous problems during the 
unloading operation of the well. This is due to the fact that the closing pres-
sures of the valves react to temperature errors in the opposite way in which 
the gas injection pressure does. A 10% error in the dome temperature of the 
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valve causes a 3–4% difference in the closing pressure of the valve, but with 
the following combined effect.

j If the assumed temperature at depth is lower than the actual one, 
the actual valve closing pressure is larger than estimated while the 
actual gas flow rate and the actual gas injection pressure are smaller. 
In this case the gas flow rate must be increased to pass the desired 
gas flow rate at each unloading valve. The advantage in this case is 
that all valve closing pressures are going to increase in such a way 
that the risk of valve interference could actually be reduced (because 
the surface closing pressures are farther apart from each other), see 
Fig. 9.37.

j If the assumed temperature is higher than the actual one, the actual 
valve closing pressure is going to be smaller than estimated and this 
reduction might increase the risk of valve interference, see Fig. 9.38. 
The advantage in this case is that the gas pressure at depth and the gas 
flow rate are actually going to be greater than initially estimated.

As indicated previously for extreme temperature conditions along the depth 
of the well, a field study must be conducted to estimate the temperature cal-
culation procedure that is best suited for these particular conditions. Because 
of one, or several, of the following reasons, many commercially available 
programs offer several ways of estimating the valve’s dome temperature:

1. Extreme temperature conditions.
2. Different types of production flow: tubing or annular flow.
3. Different types of mandrels: conventional, concentric, eccentric, etc.

■■ FIGURE 9.37 Error caused by estimating a temperature profile lower than its actual 
value.
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The followings list shows some of the different options offered by commer-
cially available software for valve temperature estimation:

1. Equal to the geothermal temperature (lowest possible temperature, 
not recommended in most cases because the valve might remain 
closed).

2. Equal to the production temperature at valve’s depth after the well has 
been unloaded (highest possible temperature, not recommended in 
most cases because the valve might remain opened).

3. Equal to the gas injection temperature (some programs estimate the 
gas injection temperature to be equal to the geothermal temperature 
plus 80% of the difference between the production temperature and the 
geothermal temperature when the well is produced up the tubing).

4. Equal to the production temperature of the fluids rigorously determined 
using the equilibrium curve concept at each unloading valve, as 
described previously (highly recommended).

It is possible that upper valves could need an option that is different from 
the one appropriate for the lower valves (some programs provide a especial 
choice for the first valve but it is important to have an independent choice 
for all valves to be able to treat each valve differently and provide solutions 
for the many operational conditions that can be encountered).

A field case of extremely low geothermal temperatures is presented next. A 
solution was found after trying with different calculation procedures to find 
the design valve temperature to successfully unload and operate the wells. 
This work was carried out by Lagerlef et al. (1992). In a gas lift field in 

■■ FIGURE 9.38 Error caused by estimating a temperature profile higher than its actual 
value.



4439.2  Gas lift mandrel spacing procedures and valve design calculations

Prudhoe Bay, Alaska, there were several oil wells with the following aver-
age production characteristics:

j Reservoir depth: 8850 ft.; PI: from 1 to 30 STB/D/psi;
j Average water cut: 60%;
j Production tubing diameters: 4½ and 5½ in.; 1.5-inch, IPO, nitrogen-

charged, gas lift valves;
j Manifold injection pressures: from 1900 to 2000 psig.

The first unloading valves were located at depths between 2900 and 3400 ft. 
Frozen ground (permafrost) extends from the surface to depths of approxi-
mately 2500 ft. (which implies a considerable difference between the valves’ 
temperatures at operating and shutdown conditions).

Gas lift valves were initially calibrated assuming that their temperatures 
during the unloading process were equal to the production temperature 
at each valve depth at final operating conditions: during the unloading  
operation the valves were in reality considerably colder and for this reason 
it was difficult for the upper valves to close, originating multiple points of 
injection thus very large injection gas flow rates were necessary to be able 
to keep the injection pressure high enough such that deeper valves could 
be reached. In some cases, it was necessary to inject gas through the first 
valve for many hours or days to warm up the rest of the valves to initiate the 
unloading operation of the well.

First attempt to solve the problem: calibrate the valves as if their tem-
peratures during the unloading process were equal to the geothermal tem-
perature. This introduced a new difficulty; the design temperatures of the 
valves turned out to be too cold in comparison to their actual temperatures. 
Therefore, when the unloading operation was interrupted (or the produc-
tion of the well during its normal operation was stopped for a short period 
of time) it was necessary to wait for a long time for the upper valves to 
cool down and start the well again because these upper valves were lock 
closed due to their high temperatures and it was not possible to inject gas 
through the deeper valves because of the high tubing pressures that were 
caused by liquid accumulation in the production tubing while the well was 
shut in.

Second attempt to solve the problem: assume the temperature of the valves 
to be the average between the geothermal temperature and the final operat-
ing temperature.

This alternative reduced the number of wells with difficulties to be kicked 
off, but there were still some wells with valves lock closed or opening out 
of sequence.
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The problem was finally overcome in the great majority of cases by calibrat-
ing the first three upper valves as if each of these valves were to produce 
the unloading liquid flow rate rigorously determined using the constant-gas-
injection equilibrium curves (explained previously in Fig. 9.33). This im-
plies carrying out nodal analysis at each unloading valve to find the liquid 
production and the required injection gas flow rate to achieve the transfer 
production pressure at each unloading valve (as indicated in Fig. 9.32). But 
it was found that these simulations would give best results if the productivity 
indexes of the wells were only 50% of their actual values (which will give 
lower flow rates and therefore cooler temperatures). In reality, these upper 
valves will be colder during the unloading operation but if these colder tem-
peratures were used, there would still be the problem of having to wait for 
a long time to restart the unloading of the well if it was necessary to inter-
rupt it even for short periods of time. After performing the calculations to 
determine the calibration of the upper valves, it was necessary to check if, 
with the operating temperatures of the valves, the system pressure was high 
enough to open them (thereby eliminating the waiting time for the valves 
to cool if the unloading, or the normal operation of the well, needed to be 
interrupted for a brief period of time). The lower valves were calibrated as-
suming their temperatures equal to the ones they will have during normal 
operation of the well (when gas is injecting through the desired point of 
injection).

9.2.5 Determination of the seat diameters  
of the operating and unloading valves
Seat diameters are usually calculated using the Thornhill–Craver equa-
tion given in chapter: Single and Multiphase Flow Through Restrictions,  
Eq. 4.25, with the recommendations given in chapter: Gas Flow Through 
Gas Lift Valves, Section 8.1, to apply this equation to gas lift valves. These 
recommendations are valid only if the valve is fully open. Beside the Thorn-
hill–Craver equation, other equations derived for orifice flow from the dif-
ferent dynamic models of gas lift valves can be used as long as the valve is 
fully open.

In all the equations mentioned in the previous paragraph, the valve’s “op-
erating” injection pressure is the upstream pressure and the “transfer” pro-
duction pressure is the downstream pressure for seat diameter calculations. 
Both of these pressures (operating and transfer pressures) are determined by 
the mandrel spacing procedure being used (explained in Sections 9.2.1 and 
9.2.2). The valve’s operating injection pressure is the one determined by the 
spacing procedure to be used as the injection pressure to uncover the next 
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valve below. The transfer production pressure is the production pressure at 
valve’s depth just when the next valve below is uncovered.

In order for the valve to be fully open, it is necessary that the operating pres-
sure at depth be greater than the valve’s opening injection pressure, as ex-
plained in detail in chapter: Gas Flow Through Gas Lift Valves, Section 8.2. 
If the valve’s operating pressure is just equal to the valve’s opening pressure 
(as suggested by some spacing techniques in the literature) the valve is go-
ing to be in throttling flow (at best) and therefore the injection pressure 
must, in this case, be increased to be able to pass the required gas flow rate, 
at the risk of opening an upper valve. For the first valve (shallowest valve) 
there is always the possibility of not having an adequate pressure to achieve 
the required gas flow rate if the operating pressure is too close to the mani-
fold pressure (usually this is not a problem as most first valves are above 
the static liquid level and the well can be unloaded with a low injection gas 
flow rate until uncovering the second valve). In the great majority of wells, 
not being able to fully open an unloading valve does not represent a serious 
problem. At worst, it implies a temporary gas injection through more than 
one valve, which will require a higher gas flow rate, but this high unloading 
gas flow rate is usually less than what the well will need under normal oper-
ating conditions (after the well has been unloaded). This is the reason why 
once the first valve is uncovered and gas is being injected through it, many 
operators set the unloading injection gas flow rate equal to the final gas flow 
rate and the well should unload with no problem. However, there could be 
cases where the unloading gas flow rate might temporarily be even greater 
than the final injection gas flow rate to complete the unloading of the well. 
If this goes unnoticed, the well might be left producing with the injection 
point above the design injection point depth. This situation is many times 
overlooked by the operation personnel and the well is thought to be com-
pletely unloaded. It is important then to perform troubleshooting analyses 
to determine the injection point depth once the unloading process is thought 
to be completed.

It is usually the case that the available seat diameter is larger than the cal-
culated diameter. Calculations simply determine the smallest available seat 
through which (at least) the “design gas flow rate” can be injected. If, for 
example, the available seats are 8/64 and 12/64 in. in diameter and calcula-
tions indicate a required seat diameter of only 9/64 in., then the 12/64-inch 
seat should be installed because the 8/64-in. seat will not be able to pass the 
required gas flow rate. But the 12/64-in. seat will pass a much larger gas 
flow rate, which will have to be injected at the surface to be able to keep 
the operating pressure high so it would be possible to reach and uncover the 
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next deeper valve. It is necessary then to review the design and be aware of 
those cases where the gas flow rates need to be very high during the unload-
ing of the well. Usually, most gas lift systems are capable of (temporarily) 
delivering these high flow rates during the unloading operation. There is 
always the risk (specially for valves above the static liquid level or just be-
low it) that a nitrogen-charged unloading valve will cool down due to the 
high gas flow rate and remain open (due to a reduction in the valve’s closing 
pressure caused by the low temperatures) preventing the well from being 
unloaded. The gas flow rate will then need to be increased even further (not 
just for having a very large seat, but also because it will be necessary to 
pass gas simultaneously through more than one point to reach the deepest 
point of injection in the gas lift design). This problem can be mitigated by 
using chokes inside the gas lift valve (downstream of the seat) and installing 
valves above the static liquid level with the smallest available seat diameters 
(the unloading process will only take longer but it can be done). If chokes 
downstream of the seat are used, it is important to point out that they show 
pressure drops that are smaller than the ones found in seats of the same size 
for the same injection gas flow rate. The reader is advised to review chapter: 
Gas Flow Through Gas Lift Valves, Section 8.3, to know more about the use 
of this type of choke.

9.2.6 Dual wells (with a common injection 
gas source)
Several types of dual well completions are presented in chapter: Gas Lift 
Equipment, Section 6.4.4. These completions are usually justified by the 
savings they bring in their drilling and construction operations; however, 
these savings are most of the time overshadowed by the difficulties found 
when trying to maintain both tubing strings near their optimum operating 
points (maximum liquid production with minimum injection gas/liquid ra-
tio) when a common injection gas source is used.

Several topics related to dual gas lift wells operating with a common injec-
tion gas source are presented in this section. The optimization of dual wells 
with a common lift gas source is based on:

j Knowing the IPR curve of each zone very well.
j Precise determination the orifice size at the design injection pressure to 

produce each zone as close as possible to its optimum operating point.

The gas lift performance curves that are presented in Fig. 9.39 correspond 
to a dual well with two production zones: “1” and “2.” For each zone, there 
is an injection gas flow rate that maximizes the liquid production (with the 
liquid flow rate identified in the figure as QLmax) and another, known as the 
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optimum injection gas flow rate (with the liquid flow rate identified in the 
figure as QLopt), for which the profitability of the well is maximized. It is  
at the latter gas flow rate that the well should be operated. As shown in the 
figure, the optimum injection gas flow rates are different for each zone. It 
is extremely important to know each of these gas lift performance curves 
because they determine the exact gas flow rate needed to be injected to each 
tubing string. The curve for one particular zone must be determined in the 
field by closing the other zone so as to be able to control the gas flow rate 
being injected into the tubing string under evaluation. Gas must be injected 
at different flow rates and, at each flow rate, the well should be tested once 
the liquid production has stabilized.

Fig. 9.40 shows a three-dimensional surface (not to true scale for didactical 
purposes) of the total liquid flow rate, QLT, which is the sum of the liquid 
flow rates from both zones that would be produced if it could be possible 
to inject gas to both tubing strings in any combination (feasible or not) of 
individual gas flow rates. The gas injected into strings “1” and “2” are Qgi1 
and Qgi2, respectively.

Because both strings share a common lift gas source, of all liquid flow rates 
presented in the figure, only a reduced or limited number of values are pos-
sible to be produced. This is due to the fact that a reduced combination of gas 
flow rates to each string is possible for a particular set of orifice diameters 
installed at the operating points of injection of the two strings. This is ex-
plained in the analysis that is presented next. The reader is advised to review 
the concepts presented in chapter: Total System Analysis Applied to Gas Lift 
Design, Fig. 5.25, to understand the explanations given in this section.

As it is demonstrated in chapter: Total System Analysis Applied to Gas Lift 
Design, Section 5.1.3, for each injection pressure there is one and only one 

■■ FIGURE 9.39 Gas lift performance curves for each production zone.



448 CHAPTER 9 Design of continuous gas lift installations 

injection gas flow rate possible, which in turn determines one and only one 
production liquid flow rate. The injection gas flow rate curves (as functions 
of the injection pressure) for two different zones are shown in Fig. 9.41. As 
can be seen in this figure, each zone reaches the optimum gas flow rate at 
different injection pressures. Because these curves depend on the diameter 
of the orifice at the point of injection, it is necessary to adjust the orifice di-
ameter in one of the production tubing strings to produce both zones at their 
respective optimum gas flow rates with the same injection pressure.

■■ FIGURE 9.40 Total liquid flow rate versus injection gas flow rate for any combination 
of gas flow rates into both strings.

■■ FIGURE 9.41 Gas flow rate of each zone as functions of the injection pressure.
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Fig. 9.42 shows two curves corresponding to the “same” zone but with dif-
ferent orifice diameters. It can be seen that by reducing the orifice diameter 
the gas flow rate needs to be injected at a larger injection pressure.

In Fig. 9.43 the curves for the gas flow rate as functions of the injection 
pressure for each zone are presented. It is also shown how the orifice  
diameter should be adjusted for zone “2” in order for both zones to receive 
the optimum gas flow rate at the same injection pressure.

As can be seen in Fig. 9.43, if the orifice size at the point of injection of each 
tubing string is kept constant, for each injection pressure there is one and 
only one combination of the gas flow rate that goes to each string. In other 

■■ FIGURE 9.42 Effect of the orifice diameter on the gas flow rate as a function of the 
injection pressure.

■■ FIGURE 9.43 Adjustment of the injection orifice size for zone “2” to optimize the 
production of both zones at a common injection pressure.
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words, it is not possible to have any combination of gas flow rates, but only 
the ones that the current orifice diameters installed in the well will allow. 
This is shown in Fig. 9.44, where all the “possible” combinations of gas 
flow rate to each tubing string are defined by curve “a–b” on the horizontal 
plane, which will give the liquid flow rates represented by curve “c–d” on 
the total liquid production surface. If the size of the seat for one of the tubing 
strings is too large, curve “a–b” will lie closer to the Qgi axis corresponding 
to that particular tubing string: increasing the injection pressure to try to 
increase the gas flow rate toward both tubing strings will simply increase the 
gas flow rate into the one with the oversized seat, which will be “stealing” 
all the gas that should go to the other tubing string.

To be as close as possible to point “b” (optimum operating point for both 
tubing strings) in Fig. 9.44, it is important to accurately define the size of 
the injection orifice (or seat) at each tubing string, which requires the precise 
knowledge of the discharge coefficients of these orifices. For this reason, it 
is not recommended to use calibrated valves at each point of injection, be-
cause they exhibit a complex dynamic behavior and might operate in throt-
tling flow instead of being fully open. An orifice valve, on the other hand, 
shows a behavior much easier to predict. The key to optimize the liquid 
production of each zone at one particular injection pressure is then to define 
very well the size of each orifice diameter to be used at the point of injection 
of each tubing string.

As mentioned in Section 9.2.5, the calculated orifice diameter is most of the 
time different from the ones that are commercially available. For dual wells, 

■■ FIGURE 9.44 Curve “a–b” represents all possible gas flow rate combinations that can 
be injected to both tubing strings with a common injection gas source.
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it is important to use seat diameters as close as possible to the calculated 
diameters. If the calculated and available seat diameters are too different, 
chokes installed inside the gas lift valve (downstream of the seat) can be 
used. But it should be pointed out that chokes of this type have larger dis-
charge coefficients than the ones for seats of the same size, see Section 8.3, 
chapter: Gas Flow Through Gas Lift Valves. If it is desired to use orific-
es with special geometric configurations (such as those with venturi tube 
shape) it is also important to know their discharge coefficients and their 
pressure ratios to achieve critical flow. Venturi-shaped orifices are specially 
recommended for dual wells because, for a given injection pressure, critical 
flow is achieved for a wider range of production pressures, thereby provid-
ing a smoother operation with less instability problems.

Once the well is in operation, it is only necessary to control the total injec-
tion gas flow rate, which is equal to the sum of the optimum gas flow rate 
that goes into each tubing string. This can be achieved by automatically 
controlling the gas injection pressure (especially if the system pressure at 
the manifold fluctuates too much). If it is necessary to limit the gas flow 
rate to all wells because, for example, one compressor has tripped, it is bet-
ter to leave dual wells untouched and change the gas flow rates of wells that 
are easier to operate. If one particular zone takes much more gas than ex-
pected, it might be possible that: (1) a gas lift valve in that particular tubing 
string might be damaged, (2) there is a hole in that tubing string, or (3) the 
production pressure has decreased because of a severe formation damage, 
etc. The operational conditions in each zone will change over time and it is 
important, from time to time, to determine the new optimum injection gas 
flow rates and adjust, if necessary, the size of each orifice to optimize the 
operation of the well. To accomplish this optimization operation, it is ad-
visable to run pressure and temperature surveys, as well as to measure the 
static reservoir pressure of both zones within a reasonable period of time 
as budget resources would allow. Routine measurements of the liquid pro-
duction, water cut, total gas produced at the separator, injection gas flow 
rate, and wellhead production and injection pressures, must be performed.

The tubing diameters in dual wells are usually smaller than the optimum 
tubing diameter. This is due to the limited available space for both tubing 
strings inside the casing. The reduced available annular space, together with 
the usually high required gas flow rates, might induce a noticeable frictional 
pressure drop on the injection pressure at depth that should be taken into 
account during mandrel spacing calculations.

It is customary to use PPO valves to produce dual wells. However, this prac-
tice has a few set backs: PPO valves usually restrict the injection gas flow 
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rate and they make it difficult to troubleshoot the well, which is very impor-
tant to do to optimize the operation of dual wells.

The idea behind the use of PPO valves is to be able to unload the well keep-
ing a constant injection pressure in the annulus and, because both tubing 
strings would unload following the way their respective production pres-
sures change, the unloading process should be smooth and independent for 
each tubing string. The same thing can be accomplished using IPO valves 
with chokes upstream of the seat (see Fig. 9.27), but this also makes trouble-
shooting difficult to do. To make the unloading process as smooth as pos-
sible, besides using PPO valves, some designers install the same number of 
mandrels at each tubing string. The number of mandrels is determined in 
this case by the tubing string that needs the greatest number of mandrels to 
unload it (the mandrels for the other tubing string would be located from 30 
to 60 ft. below each of the corresponding mandrels). But mandrel spacing 
should not necessarily be done in this way and each string can have its own 
particular mandrel spacing (checking that not two mandrels have the same 
depth in the well). The number of mandrels for a given string in a dual well 
is usually greater than the one needed for single wells. This is recommended 
because it gives greater flexibility to the designer if operating conditions 
change over time or they are just different from the expected ones.

Even though the unloading process when using IPO valves is more labor in-
tensive, as explained in the next paragraphs, in the long run it might be a far 
better choice because IPO valves allow for more accurate troubleshooting 
analyses that will enable the production engineer keep the well optimized at 
all time. Instead of worrying about a coupled design for both tubing strings 
with PPO valves for a single operating pressure while unloading the well 
(which might not be the best final operating pressure), it might be a better 
choice to use IPO valves, designing each tubing string as if they were inde-
pendent wells (but with the same final operating pressure) and using only 
one of them to unload the liquids in the annulus. In this way, it might be 
possible to obtain a wider range of available operating injection pressures to 
optimize the production of the well.

The explanations given in the rest of this section apply to processes that 
can be implemented only when IPO valves are installed in a well that is 
difficult to unload or kick off. In many cases, these special procedures are 
not necessary.

1. Unloading operation
 Because unloading the liquids in the annulus can be carried out by only 

one of the two tubing strings (shutting in the other one) any mandrel 
spacing technique for IPO valves can be used for each tubing string 
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as if both were to operate independently of each other. It is important 
to have a wide range of final operating injection pressures at depth 
available in case the injection gas flow rate needs to be adjusted. For this 
reason, it is a good practice to have dummy valves installed in all but 
one (the one closer to and above from the reservoir static liquid level) 
of the unloading valves above the reservoir static liquid level and have 
a sequential injection pressure drop per unloading valve as small as 
possible. The minimum operating injection pressure should not be too 
close to the production pressure for any of the two tubing strings because 
it would create instability problems. On the other hand, the maximum 
operating injection pressure cannot be too high because this pressure 
might open an upper valve (which is easy to go unnoticed in dual wells).

 As indicated previously, unloading the liquids in the annulus can be 
carried out using only one of the two tubing strings, keeping the other 
one shut in. Each tubing string should be designed to unload the annulus 
by itself if necessary. After the unloading operation is completed, the 
tubing string used for that purpose should be operating from the orifice 
valve, designed as the operating injection point for that zone, and the 
other tubing string should then be opened to production in order for 
it to be kicked off. This is a process that might be difficult to achieve. 
Due to unexpected difficulties, it might be better to unload the annulus 
using the tubing string with the larger production liquid flow rate and, 
after the unloading process is completed, open the production tubing 
string with less liquid production, which should be easier to kick off. 
However, if the deepest point of injection of the large liquid production 
tubing string is above the deepest point of injection of the other tubing 
string, then it will be necessary to unload the rest of the well using the 
tubing string from which less liquid production is expected.

 Some operators prefer to use the tubing string with less liquid 
production (known here as the first tubing string) to unload the annulus 
and, after the unloading operation is completed, kick off the second 
tubing string keeping the first one closed and pressurized with injection 
gas to keep the gas in the annulus from being injected into it and to 
avoid liquid accumulation while the second tubing string is being 
kicked off. For this operation, it is necessary to install standing valves 
at the bottom of the both tubing strings.

2. Kickoff operation
 If the well had been successfully unloaded but its normal operation was 

later interrupted for some time, both zones would need to be kicked 
off again because liquids would have accumulated at the bottom of 
each tubing string, generating a liquid column that might not allow the 
gas to be injected through the operating points with the final operating 



454 CHAPTER 9 Design of continuous gas lift installations 

injection pressure. In wells difficult to operate, it is recommended to 
kick off both zones at different stages, starting with the high production 
string while keeping the other one shut in. Once the high production 
tubing string has being successfully kicked off, the other one should 
be easier to kick off, but it might turn out to be a complicated process 
with unloading valves of the tubing string already in operation opening 
and closing. This is the reason why difficult dual wells with IPO valves 
should not be shut in once they are in operation. If, for any reason, a 
dual well should be shut in, it is recommended to use this opportunity 
to measure the static liquid level (by tagging the well or by running a 
static pressure and temperature survey in each tubing string).

As it was indicated in the previous paragraph, kicking off the second tubing 
string might turn out to be a complicated process, with several valves of the 
first tubing string (already in operation) opening at the same time, causing 
the injection pressure to drop unless a large gas flow rate is injected into the 
well. When kicking off the well is too difficult to accomplish, it is recom-
mended to take the following steps (for which standing valves should be 
installed at the bottom of both tubing strings).

j The first tubing string already kicked off is shut in and pressurized (by 
injecting gas down the tubing from the surface or simply by closing 
this string at the surface and allowing gas injection into it until the 
injection gas flow rate drops to zero) to a pressure higher than the 
required injection pressure for the second tubing string to be kicked 
off. The gas should be injected rapidly into the first tubing string (it is 
possible that the unloading valves will open, but their check valves will 
stop the tubing pressure from dropping to the annular pressure). As for 
the unloading operation, this action avoids two things from happening 
for a kickoff operation: (1) that the gas being injected to kick off the 
second tubing string be injected into the first one, and (2) stop the 
reservoir liquid from entering into the first tubing string because  
the standing valve at the bottom remains closed due to the high 
pressure inside the production tubing.

j Then, the second tubing string is opened and kicked off as if it were an 
independent well. Because this tubing string was closed at the surface 
and it had a standing valve below the deepest mandrel, this tubing string 
was also pressurized, so it needs to be opened very carefully. This string 
was closed because in this way all the gas was injected into the first string 
while it was being kicked off, making it easier to control the operation.

j Once the second string is kicked off, the first one is open to production 
while adjusting the total gas flow rate to its required value to produce 
both strings.
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Installing standing valves at the bottom of the tubing is easy if the tubing 
has a no-go nipple installed below the operating valve. If a no-go nipple is 
not installed, a tubing stop needs to be installed in the well by wireline, and 
a standing valve can then be lowered to rest on top of the tubing stop. A 
collar recess type of tubing stop can be installed in API tubing. For non API 
tubing, a slip type tubing stop needs to be installed. But for both types of 
stops, it should be verified that they are able to resist the differential pressure 
“from above” that they are going to be subjected to.

When performing IPO or PPO valve change-out operations in the high-liq-
uid-production tubing string, there can be cross flow from this string into the 
other. This can be prevented by installing a standing valve (or an equalizing 
plug) in the low-liquid-production tubing string. If this is not done, fluids 
from the high pressure zone can flow into the low pressure zone. It is rec-
ommended, for safety reason, to shut in both strings while doing wireline 
operations in any one of them.

9.2.7 Redesign
Gas lift valves are designed in conjunction with the mandrel spacing pro-
cedure only for new wells or for wells that come from workover jobs in 
which the production tubing string needed to be pulled out of the well.  
In the great majority of cases, currently installed valves need to be replaced 
with new ones without pulling the tubing out of the well (due to, for exam-
ple, changes in well or system conditions, or valve failures). When existing 
gas lift valves should, for whatever reason, be changed out, their closing 
and opening pressures, as well as their seat diameters, should be calculated 
again. This process is known as “redesign.” The depths of the valves are 
determined from the mandrels already installed in the well, but considering 
the fact that for the current operating conditions it might not be necessary 
to install gas lift valves in some of the existing mandrels. Usually, the new 
production pressures are less than the initial ones because of lower reservoir 
pressures and, therefore, unloading valves need not be spaced as closely as 
they were initially installed in the well. Only in cases where the production 
pressure has increased (due to an increase in the water cut or in the reservoir 
pressure caused by a pressure maintenance project) the valves might need to 
be spaced closer to one another. But even in these cases, it is highly unlikely 
that the tubing needs to be pulled out of the well because spacing calcula-
tions are usually done with large unloading fluid pressure gradients and with 
many safety factors (not needed for redesigning the valves) that will allow 
(to some extend) managing higher production pressures.

In the redesign process, the depths of the new valves are determined in the 
same way as is done in the design procedures explained in Sections 9.2.1 
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and 9.2.2. However, it is unlikely that a new valve depth coincides with 
the depth of any of the mandrels already installed in the well. Once the 
new valve depth is found by the redesign calculations, the actual new depth 
will correspond to the mandrel (with no new gas lift valve installed in it) 
immediately above the newly calculated depth. In this process, if several 
mandrels have been skipped, dummy valves should be installed in all of 
them except the one immediately above the newly calculated depth (which 
is where the new gas lift valve will be installed). If there are no mandrels 
above the first valve’s depth found in the redesign calculations, the well 
cannot be redesigned for the new operational conditions because the cur-
rent injection pressure is not high enough to reach the first mandrel already 
installed in the well (unless the first, shallowest, valve is above the static 
liquid level, as explain later in this section). On the other hand, if the next 
mandrel above the newly calculated depth has already a new valve assigned 
in the redesign process, then the redesigning calculations cannot proceed 
further down the well and the valve immediately above the last depth found 
needs to be designed, not as an unloading valve, but as the operating valve 
(with an extra sequential pressure drop if it is a calibrated valve or as an 
orifice valve if the designer prefers to have an orifice at the operating point 
of injection).

Fig. 9.45 shows the initial mandrel spacing of a well when its reservoir 
pressure was high (with the total number of mandrels greatly exaggerated 

■■ FIGURE 9.45 Initial mandrel spacing for large reservoir pressure.
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for didactical purposes). It can be seen that the operating valve is located 
well above the maximum depth at which gas lift equipment can be in-
stalled. Below the operating valve, several mandrels were installed follow-
ing the procedures explained in Section 9.2.1. These mandrels are installed 
so that they can be used for future operating conditions, as the one shown 
in Fig. 9.46.

In Fig. 9.46, mandrels from 1 to 13 were already installed. Under the new 
operating conditions, the new mandrel numbered now as 1′ is exactly where 
mandrel number 1 was installed. This is due to the fact that Pd1, Pko, and the 
unloading pressure gradient are still the same. The calibration pressure and 
the diameter of the first valve are calculated in the same way as they were 
found during the initial design, only that now the production pressure is 
much lower than the initial one.

Then, beginning at the transfer production pressure of the first new valve, a 
new mandrel depth is found between mandrels 3 and 4, having then to select 
mandrel 3 as the place where the new valve 2′ is going to be installed. A 
dummy valve is installed in mandrel 2 and valve 2′ is design with the val-
ues of the injection and production pressures found at the depth of mandrel 
3. Following these same steps, valve 3′ is installed in mandrel 7, leaving 
mandrels 4, 5, and 6 with dummy valves installed in them. This procedure 
continues in this way until mandrel 13 is reached, where valve 6′ is installed 
as the new operating point of injection.

■■ FIGURE 9.46 Mandrel spacing for a reduced reservoir pressure.
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The redesign procedure explained so far works very well for operational 
conditions in which the production pressure has decreased; But, following 
this approach in all situations (without additional considerations) might 
cause problems when the production pressure under current operational 
conditions has increased due to, for example, higher water cuts or an in-
crease in the reservoir pressure due to a pressure maintenance project. For 
example, strictly following design procedures for the conditions shown in 
Fig. 9.47 (mandrels 1 and 2 are already installed) would determine the 
first valve as the final point of injection and the well will not produce any 
liquids because the first valve is above the reservoir static liquid level: 
locating the second valve from the tubing transfer pressure equal to 1 pt 
(following the design rules explained so far) will intersect the operating 
pressure of the first valve at point b indicating that the well cannot be fur-
ther unloaded. However, if the unloading gradient line is traced upward 
from point b′ (where the intersection should be located) it will intersect 
the depth of the first valve at a much lower transfer pressure equal to 1 pt’ 
in Fig. 9.47. Because the first valve is located above the reservoir static 
pressure (and no fluid from the reservoir will be produced while inject-
ing gas through the first valve), it is possible to inject gas to reduce the  
production pressure to 1 pt’ and, in this way, be able to reach the second 
valve. In fact, for a given valve n, any transfer pressure npt’ (found by 
tracing the unloading gradient line from the depth of the next valve below) 
that lies above, or to the right, of the equilibrium curve for the maximum 

■■ FIGURE 9.47 The second mandrel can be reached because the first mandrel is above 
the static reservoir pressure.
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available gas flow rate, can be reached by just increasing the injection gas 
flow rate to the value that is needed to decrease the tubing pressure to the 
transfer pressure npt’. The fourth valve in Fig. 9.48 is the first one with 
its transfer pressure to the left of the equilibrium curve; therefore, in this 
case the operating valve should be the fourth valve because it will not be 
possible to reach the fifth valve, unless the injection gas flow rate can be 
increase to values above the target gas flow rate. Valves above the reservoir 
static liquid level can be skipped following the steps presented in Section 
9.2.8; but, if a more cautious approach is taken by the designer by including  
valves above the reservoir static liquid level, the only requirement for the 
transfer pressures of valves located above the reservoir static liquid level 
(1 pt’ and 2 pt’ in case of Fig. 9.48) is that these pressures should not be less  
than the wellhead pressure Pd1 (unless the well can be unloaded to a pit or 
a tank at atmospheric pressure) plus a safety factor (given by the designer) 
that can be linearly proportional to the depth of the valve. Wellhead pres-
sure Pd1 is usually equal to the pressure at the separator or at the production 
manifold at the flow station.

The calculation procedures that, for a given unloading valve, can be used  
to determine the unloading liquid flow rate, required unloading injection 
gas flow rate, gas lift valve’s temperature, as well as its opening and closing 
pressures, are identical to the ones presented in Section 9.2.1 for designs 
based on sequentially dropping the operating pressure but with the especial 

■■ FIGURE 9.48 The transfer pressure of the fourth mandrel lies to the left of the 
equilibrium curve. The operating valve is then set at the fourth mandrel.
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considerations that are explained next. These considerations for the redesign 
calculations of the gas lift valves’ calibration pressures and their seat diam-
eters can be understood with the help of Fig. 9.49, given here as an example 
for the design of IPO valves.

j The diameter of the seat of the nth valve should be based on its operating 
pressure (as the pressure upstream of the nth valve), the transfer pressure 
npt’ (as the pressure downstream of the nth valve) and the required gas 
flow rate to reach transfer pressure npt’. For valves above the static 
liquid level, the minimum seat diameter (which must be selected by the 
designer) can be used, thus there is no need to calculate the required gas 
flow rate. For a valve n below the liquid level, the gas flow rate is the 
one that corresponds to the equilibrium curve that intersects pressure 
npt’ at that particular valve’s depth if such equilibrium curve exists for 
the transfer pressure: Valves below the reservoir static liquid level but 
with very high transfer pressures (so that the transfer pressures are to the 
right of the minimum gas flow rate equilibrium curve) should be treated 
as if they were above the static liquid level. For the operating valve, the 
pressure downstream of the valve that should be used to calculate the 
seat diameter is equal to its production pressure npd.

j The opening and closing pressures of the valves should be calculated 
using production pressures npd along the design production pressure 
line that goes from surface pressure PWHD (defined by the designer) 

■■ FIGURE 9.49 Redesign procedure for new conditions with higher production 
pressures (IPO valves).
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to the production pressure of the operating valve, which is 4pd for the 
case shown in Fig. 9.49. The operating pressure for each unloading 
valve should be greater than or equal to the injection pressure that 
defines the limit between throttling and orifice flow. This is especially 
important in this case because a given valve n has to remain open until 
its transfer pressure npt’ (which might be very low and make the valve 
close) is reached. The transfer pressure npt’ cannot be used in the valve 
mechanic equation to define the opening pressure because this transfer 
pressure might be less than the production pressure at valve’s depth 
once the unloading operation has been completed and, as indicated in 
Section 9.2.1, production pressures higher than the design production 
pressure might open an unloading valve. The calculation of the 
closing and opening pressures are performed with the same equations 
presented in Section 9.2.1 with the only requirement that, in these 
equations, the production pressure must be equal to pressure npd on the 
design production pressure line as shown in Fig. 9.49.

Several safety factors, that are important for design procedures given in pre-
vious sections, might not be needed during the redesign operation. For ex-
ample, the unloading-liquid pressure gradient that is used to locate the next 
deeper mandrel can be equal to, or only slightly higher than, the gradient of 
the fluids produced by the well. Additionally, dummy valves can be installed 
in mandrels above the reservoir static liquid level following the procedures 
described in Section 9.2.8. The actual logic of the redesign algorithm that 
is used by the gas lift design software has to be a combination of the proce-
dures shown in Figs. 9.49 and 9.46. In this way, mandrels that are no longer 
needed can be skipped and, for those that are difficult to reach, additional 
calculations must be carried out to determine if the required transfer pres-
sure lies to the left or to the right of the equilibrium curve corresponding to 
the target injection gas flow rate.

9.2.8 Mandrel spacing from the reservoir static 
liquid level
In many cases, when it is difficult to space mandrels down to the desired 
deepest point of injection for not having a sufficiently high available injec-
tion pressure, it is convenient to install dummy valves in mandrels above 
the reservoir static liquid level. In this way, the sequential injection pressure 
drops of the valves above the static liquid level will not be subtracted from 
the available operating surface pressure. This practice is only recommended 
if the available injection pressure is too low to reach the final operating point 
of injection by design or if this operating point of injection can be reached 
but with a final injection pressure too close to the production pressure. The 
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important thing to remember in this case is that at least one valve should 
be installed at or just above the static liquid level. If this is not done, all the 
liquid displaced from the annulus is going to generate a liquid column inside 
the tubing that might generate a hydrostatic pressure inside the tubing great-
er than the injection pressure at depth (if this happens, it might be possible 
that the reservoir will absorb this liquid column in a matter of hours or days 
so that the unloading can continue). Installing the first valve below the static 
liquid level (without placing at least one valve at this liquid level or just 
above it), can only be done under extreme circumstances and knowing that 
the well can indeed absorb the fluids being unloaded and without causing 
any damage to the formation. Fig. 9.50 shows a typical mandrel spacing pro-
cedure starting from the static liquid level and using the method of spacing 
mandrels by sequentially dropping the operating injection pressure, but any 
of the mandrel spacing methods described in this chapter can also be used.

To locate the first mandrel, a line with the well fluid pressure gradient (not 
the unloading pressure gradient) is drawn from the static reservoir pressure 
up until it intersects the true-vertical-depth axis. This intersection point cor-
responds to the static liquid level when the well is filled with its own produc-
tion fluids and the wellhead is exposed to atmospheric pressure. This will 
give the highest possible static liquid level because if the wellhead produc-
tion pressure is taken to be equal to the separator pressure or the unloading 

■■ FIGURE 9.50 Mandrel spacing starting at the reservoir static liquid level.
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pressure gradient is used, the liquid level will be deeper. The first valve is 
then placed at this calculated liquid level. From the first valve on, all calcu-
lations are identical to the ones described for the different design procedures 
studied so far in this chapter.

For new completions in a gas lift field where the current available injection 
pressure is very low but it is known that it will be increased in the future, the 
mandrel spacing process can be carried out as if the well is filled with liquid 
all the way up to the wellhead and then perform redesign calculations, plac-
ing dummy valves in the mandrels above the static liquid level, with the ex-
ception of the one closer (but still above) to static liquid level. For redesigns 
then, the first (shallowest) valve should be the one above of and closest to 
the static liquid level. Once this first valve is identified, the following steps 
are identical to the redesign procedures described in the previous section.

9.3 STABILITY CHECK OF THE GAS LIFT DESIGN
Once the gas lift design is completed, it is a good practice to check how 
stable the design will behave during the unloading and normal operation 
of the well. There are several theories that have been developed to describe 
the behavior of gas lift wells producing in an unstable manner. These theo-
ries are extremely complex and the mathematical calculations involved are 
simply beyond the scope of this book. Fortunately, the general rules that can 
be followed to avoid well instabilities are surprisingly simple and they are 
explained in this section.

The causes of gas lift instabilities can be categorized as: (1) tubing headings, 
(2) casing headings, and (3) other causes that are mentioned at the end of this 
section and explained in detail in chapters: Continuous Gas Lift Trouble-
shooting and Intermittent Gas Lift Troubleshooting, as they cannot be attrib-
uted to the gas lift design. Tubing headings can cause casing headings and 
vice versa. Among many other causes, casing headings can be a consequence 
of inherent flaws in the gas lift design or in the way the well is operated.

Just as it is the case for wells producing on natural flow, gas lifted wells can 
have tubing headings if the outflow curve (at the design injection gas flow 
rate) intersects the inflow curve to the left of the minimum pressure of the 
outflow curve, as shown in Fig. 9.51. It can be appreciated that the outflow 
curve intersects the inflow curve at two different points. The problem with 
this criterion is that it is sometimes difficult to obtain accurate data to con-
struct the inflow and outflow curves that truly correspond to the actual state 
of the well. It is not unusual for a nodal analysis (based on the available 
data) to show these signs of instabilities but the well is actually operating in 
a stable manner or vice versa.
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Besides tubing headings (that might be present in wells on gas lift or on 
natural flow), gas lifted wells can show casing headings that can be caused 
by a variety of reasons and induce (or worsen) tubing headings. The de-
signer has to be alert of flaws in the gas lift design to avoid the following 
causes of instabilities:

j For IPO valves with a design based on sequentially dropping the gas lift 
valves’ closing pressures, it could be possible that the surface opening 
pressure of one valve be greater than the surface closing pressure of the 
valve above. This is shown in Fig. 9.52a: the surface injection opening 
pressure of the second valve is greater than the surface closing pressure 
of the first. In this case, it might be difficult to close the first valve, 
which could remain indefinitely opening and closing, not allowing 
the well to unload to the third valve. The gray area in Fig. 9.52a 
corresponds to the range of injection pressures for which this type of 
instability (called valve interference) might happen. Additionally, the 
operating pressure of the second valve is below its opening pressure 
(but above its closing pressure). This means that the second valve will 
operate in throttling flow and it might close before uncovering the third 
valve. This latter type of problem is not present in designs based on 
sequentially dropping the operating pressures of the valves.

j For IPO valves with a design based on sequentially dropping the 
valve’s operating pressure, it could be possible that the surface 
operating pressure of one valve be greater than the surface closing 
pressure of the valve above. This is shown in Fig. 9.52b (the surface 
operating pressure of the second valve is greater that the surface closing 
pressure of the first valve and this can also promote valve interference).

■■ FIGURE 9.51 Tubing headings can be predicted by nodal analysis at the design 
injection gas flow rate.
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Valve interference of the types described above are not very serious because, 
most of the time, the well can be unloaded without problem. If the well can-
not be unloaded, the problem is usually, but not always, overcome by just 
temporarily increasing the surface injection gas flow rate.

Valve interference can also take place when the gas lift design is based on 
design valve temperatures assumed to be either too low or, especially, too 
high, compared with the actual temperature along the production tubing (see 
Fig. 9.38). Unfortunately, this type of design flaw is not possible to detect by 
just inspecting the design diagram. If the actual temperature is cooler than 
expected, increasing the gas flow rate might make matters worse because 
the cooling effect of the injection gas, as it expands through the gas lift 
valve, might lower the valve’s closing pressure and leave the valve open. 
This usually happens when the production of the well turns out to be much 
lower than expected and the seats of the unloading valves are just too large 
for the required injection gas flow rate at the actual operational conditions 
of the well.

Instability problems can also be due to a narrow range of operating injec-
tion pressures offered by the design or, if the design has a adequate range 
of operating pressures, operating the well at an injection gas flow rate that 
is either too low or too high for the size of the seat at the point of injection. 
Fig. 9.53a shows the design of a well in which there is a calibrated valve at 
the final point of injection, while in Fig. 9.53b there is an orifice valve at the 

■■ FIGURE 9.52 Inherent flaws in the gas lift design can cause casing headings. (a) Dropping the closing pressure: (1) valve interference  
(2) operating pressure in throttling flow; (b) Dropping the operating pressure: valve interference.
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same point. For both cases, zone “1” corresponds to the range of operating 
pressures at which the well should be produced. If the injection gas flow rate 
is increased, the right hand limit of the operating pressure could be reached 
and the upper unloading valve might open. Once this upper valve opens, 
the total gas flow rate through the two subsurface gas lift valves could be 
lower or higher than the surface injection gas flow rate. If the gas flow rate 
through the two gas lift valves is higher than the surface injection gas flow 
rate, the upper valve will remain opening and closing (because the annular 
pressure will decrease every time the upper valve is opened). If the gas flow 
rate through the two gas lift valves is lower than the surface injection gas 
flow rate, the two points of injection might remain operating at a higher and 
stable operating pressure. This latter case could go unnoticed for a long time 
(because the liquid flow rate is usually not reduced while operating at this 
condition) and it represents an obvious waste of compression energy for an 
injection gas that could be used in another well.

If the surface injection gas flow rate is decreased, the reaction of the well 
will depend on the type of valve installed at the point of injection. A cali-
brated valve acts as a pressure regulator that keeps a large pressure drop 
across the gas lift valve. If the surface injection gas flow rate is reduced, the 
operating pressure range will be in zone “2” in Fig. 9.53a and the valve will 

■■ FIGURE 9.53 Casing headings can be caused by a design with a narrow range of operating injection pressures or by 
an inadequate surface injection gas flow rate. (a) Calibrated valve; (b) orifice valve.
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be in throttling flow (it tries to close and, by doing so, the injection pressure 
is kept high but the gas flow rate through the valve is reduced). Meanwhile, 
the production pressure will increase because of the reduced injection gas 
flow rate into the tubing but, thanks to the regulating action of the calibrated 
valve, the production pressure at the point of injection will be lower than 
the injection pressure upstream of the gas lift valve. Under throttling flow, 
it is always possible that the valve will close. Zone “3” in Fig. 9.53a cor-
responds to the range of operating pressures for which the valve is definitely 
closed.

What happens once the operating valve closes is very hard to predict be-
cause it depends on how fast the tubing pressure will increase (because of 
the lack of injection gas) and on how fast the injection pressure in the an-
nulus will also increase (because the surface injection gas flow rate is kept 
more or less constant and no gas is flowing out of the annulus). The reaction 
of the annular pressure depends on the surface injection gas flow rate, the 
type of surface control of the gas injection, and the volume of the annulus. 
If the annular volume is very large, the increase in annular pressure will be 
very slow and by the time the injection pressure increases to the operating 
valve’s opening pressure, the production pressure might be greater than this 
injection opening pressure and the injection pressure will need to keep in-
creasing until it is able to open an unloading valve for which the injection 
pressure is greater than its corresponding production pressure. The reaction 
of the production pressure, on the other hand, depends on the reservoir pres-
sure and the productivity index of the well.

If the operating gas lift valve is open and operating in throttling flow, the 
increase in production pressure due to a reduction in the injection gas flow 
rate is usually small, provided that the valve does not close. This happens 
because when the valve is operating in throttling flow, the stem position of 
the calibrated valve is affected by the production pressure: if the produc-
tion pressure increases, the valve tends to open wider, thus the injection gas 
flow rate through the valve increases and, in consequence, the production 
pressure tends to decrease. The valve in this case might never close but the 
injection pressure will fluctuate as shown in Fig. 11.48.

The other factor that makes it very difficult to predict what will happen if 
the calibrated valve at the point of injection closes is the different modes of 
operation at which the surface gas injection control valve might be working. 
This valve might be manually operated, so that the gas flow rate through it 
might be constant (if it is operating under critical flow), or the gas flow rate 
might be variable (if the surface control valve is operating under subcritical 
flow). On the other hand, the surface gas injection control valve might be 
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operated by a control system that will try to keep the gas flow rate at a given 
set point, but this control system might not behave properly if the operating 
gas lift valve is opening and closing (it might very well make things worse).

When there is a calibrated valve at the point of injection, the difference 
between the operating injection pressure (by design) at depth (which should 
be taken as the minimum acceptable injection pressure) and the production 
pressure at the point of injection, should be, at least, equal to the value of 
the uncertainties of the production pressure plus 10% of the operating injec-
tion pressure at depth. It has already been mentioned in several places in 
this chapter that it is important to have a pressure drop across the gas lift 
valve equal to, at least, 10% of the gas injection pressure at valve’s depth to 
avoid the kind of stability problems that are presented in chapter: Gas Flow 
Through Gas Lift Valves, see Fig. 8.4. But if there is an uncertainty in the 
expected value of the production pressure, this uncertainty has to be added 
to this 10% difference. The uncertainty in the production pressure depends 
on how accurately the following variables are known: water cut, gas/oil ra-
tio, liquid production, and the accuracy of the multiphase flow correlation 
being used. The designer has to estimate these uncertainties with the use of 
nodal analyses during the inspection of the stability of the design.

The difference between the injection pressure that will open the upper un-
loading valve and the operating pressure of the calibrated valve at the point 
of injection (this difference is the width of zone “1” in Fig. 9.53a) gives the 
range of injection pressures that provides the design its flexibility to handle 
changes in the operational conditions of the well. This range should be at 
least 50 psi greater than the sequential pressure drop per valve.

When there is an orifice valve at the operating point of injection (which is 
the usual case), the operating pressure easily changes in value because of 
the lack of the regulating effect that calibrated valves show. The operating 
pressure in this case depends only on the production pressure, the gas flow 
rate, and the size of the orifice. With orifice valves, the range of operating 
pressures is usually greater than the available range when a calibrated valve 
is installed at the point of injection. If there is a reduction in the gas flow 
rate that enters the production tubing, the tubing pressure can increase to  
large values and even become greater than the injection pressure at valve’s 
depth (gas injection into the tubing will stop at this point).

The criterion explained here to find the minimum pressure that ensures sta-
bility is due to Wim der Kinderen (he has presented his theory in several 
seminars but has not published it and it is presented here with his permis-
sion). This criterion is currently offered by several commercially available 
computer programs. The reader is advised to review the explanation given 
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in chapter: Total System Analysis Applied to Gas Lift Design, for Fig. 5.25 
to understand how Fig. 9.54 is constructed.

Fig. 9.54 shows six orifice flow curves (constructed as indicated in chapter: 
Gas Flow Through Gas Lift Valves, for Fig. 8.1a) corresponding to injection 
pressures at depths from 1 to 6. These curves correspond to the zone that lies 
between zone A and B in Fig. 5.25. The production pressure, at the depth 
of the orifice valve and for each injection gas flow rate, is also shown in 
Fig. 9.54 (this is the curve that goes from point “a” to “j”). Points “a” to “j” 
are the so-called equilibrium points (for a given set of reservoir, wellhead, 
and injection pressure, there is one and only one injection gas flow rate and 
production pressure, which is the pressure and gas flow rate at a given equi-
librium point). Decreasing the injection pressure from point 1 to 6, means 
that the equilibrium points will have to go from “a” to “f” with the corre-
sponding reduction in the gas flow rate. If the gas flow rate is further reduced 
to zero (if it could be possible to accomplish in a stable manner) the injec-
tion pressure will have to increase from point 6 to point 2, corresponding to 
equilibrium points “f” to “j.” According to Wim der Kinderen, equilibrium 
points from “f” to “j” correspond to unstable points and, in consequence, 
injection pressure at point 6 is the minimum injection pressure at which the 
well can be operated in a stable manner.

Fig. 9.55 provides an easier way of presenting the information given in 
Fig. 9.54. In Fig. 9.55, points f1, f2, and f3 correspond to the minimum stable 
gas flow rates (and injection pressures) for seats of increasing sizes (the 
injection gas flows from the casing-tubing annulus to the production tubing 
in this example). As can be seen in the figure, small size seats will be stable 

■■ FIGURE 9.54 Minimum stable injection gas flow rate.
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at lower gas flow rates (which correspond to higher injection pressures). As 
the gas flow rate is reduced beyond point “f,” the production pressure in-
creases because of the lack of lift gas in the tubing and this pressure increase 
in turn makes the gas injection pressure in the annulus increase (because 
there must be a pressure drop across the valve to inject gas into the tubing).

When inspecting the stability of a gas lift design with an orifice valve in-
stalled at the operating point of injection, the production pressure at the 
depth of the orifice valve should be equal to the calculated production pres-
sure (the one found in the design) plus the differential increase in production 
pressure due to the total uncertainties involved in its calculation (which are 
due in turn to the uncertainties in the water cut, gas/oil ratio, multiphase 
flow correlation, etc.). From this greater production pressure, the minimum 
pressure drop through the orifice valve should be equal to the pressure drop 
predicted by the Wim der Kinderen criterion or to 10% of the injection  
pressure at depth (whichever is larger). The 10% rule is specially recom-
mended for large orifices but it represents an optional safety factor for seats 
of all sizes. The difference between the minimum operating pressure deter-
mined in this way and its upper limit (the limit that is set to avoid opening 
the upper unloading valve) should be equal to at least 50 psi greater than the 
sequential pressure drop per valve.

Other causes of gas lift instabilities, different from the ones induced by a 
faulty gas lift design, are: (1) emulsions in the tubing and flow line, (2) 

■■ FIGURE 9.55 Wim der Kinderen’s instability criterion.
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hydrates in the surface gas injection system, (3) pressure fluctuation in the 
gas lift system (caused by compressor shutdowns, well trips, etc.), (4) a hole 
in the production tubing, (5) damaged gas lift valves, and (6) faulty surface 
gas injection control system, etc. All these causes are explained in detail in 
chapters: Continuous Gas Lift Troubleshooting and Intermittent Gas Lift 
Troubleshooting.

9.4 EXAMPLES OF GAS LIFT DESIGNS

Problem 9.1
Use the data given in chapter: Total System Analysis Applied to Gas Lift De-
sign, Section 5.3.1 (for a well that can produce on natural flow) to find the 
gas lift designs that can handle water cuts of 30, 40, and 50%. As explained 
in chapter: Total System Analysis Applied to Gas Lift Design, even though 
the well can produce on natural flow, gas lift will be needed to boost the 
total liquid production of the well in order to meet the required oil pro-
duction for the next 5 years (the reader is advised to review the example 
problem presented in Section 5.3.1 in which the preliminary necessary cal-
culations for the gas lift designs are presented). Use sequential drops in the 
closing pressure of IPO unloading valves as the mandrel spacing method. 
Use the injection gas flow rates found in the preliminary calculations given 
in chapter: Total System Analysis Applied to Gas Lift Design, for two levels 
of the available kickoff pressure: 1800 and 1450 psig (for which the operat-
ing surface injection pressures of the first, shallowest, unloading valve will 
be equal to 1750 and 1400 psig, respectively). Determine the advantage, 
if any, of increasing the kickoff pressure from 1450 to 1800 psig. Perform 
the gas lift designs with the following data: wellhead production pressure: 
350 psig; wellhead injection gas temperature: 80°F; injection gas specific 
gravity: 0.8; minimum pressure drop across the operating orifice (at the 
point of injection under normal operation of the well): 250 psi; sequential 
pressure drop per unloading valve: 50 psi; locating valve depth differential 
pressure (injection pressure minus production pressure at valve’s depth 
when it is uncovered): 20 psi; and production transfer pressure: equal to 
the production pressure at valve’s depth plus 10% of the difference be-
tween this production pressure and the gas injection pressure at valve’s 
depth.

For each water cut, two gas lift designs should be found (corresponding 
to the minimum and maximum kickoff pressures and their respective gas 
flow rates given in chapter: Total System Analysis Applied to Gas Lift De-
sign, Table 4): (1) for 30% water cut, use a gas injection rate of 1.8 MMscf/D 
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for a kickoff pressure of 1800 psig and 2.6 MMscf/D for a kickoff pressure 
of 1450 psig, (2) for 40% water cut, use a gas injection rate of 2.6 MMscf/D 
for a kickoff pressure of 1800 psig and 4.2 MMscf/D for a kickoff pressure of 
1450 psig (for this latter case, higher gas flow rates will not increase the liq-
uid flow rate in a significant way), and (3) for 50% water cut, use a gas injec-
tion rate of 3.6 MMscf/D for a kickoff pressure of 1800 psig and 4 MMscf/D 
for a kickoff pressure of 1450 psig (again for this latter case, higher gas flow 
rates will not increase the liquid flow rate in a significant way).

After all six designs are completed, determine the best possible mandrel 
spacing (for each level of the available kickoff pressure) that will be capable 
of handling all water cuts being considered in this problem.

Answer. For 30% water cut, 1800 psig kickoff pressure, and 1.8 MMscf/D 
of gas injection rate, two gas lift mandrels are required (one for the unload-
ing valve at 3592 ft. TVD and the other for the orifice valve at the point of 
injection at 5199 ft. TVD). The design values for each valve are given in 
Table 9.2.

For 30% water cut, kickoff pressure of 1450 psig, and 2.6 MMscf/D of gas 
injection rate, two gas lift mandrels are required (one for the unloading valve 
at 2610 ft. TVD and the other for the orifice valve at the point of injection 
at 3834 ft. TVD). The design values for each valve are given in Table 9.3.

The graphs of the designs are presented in Fig. 9.56.

Table 9.2 Design for 30% Water Cut and 1800 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port  
Diameter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing 
Surface  
P. (psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

3592 0.1875 1542 1750 1735 0.418 9,076 0.953
5199 0.3125 — — — 1.8 10,015 2.6

Table 9.3 Design for 30% Water Cut and 1450 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port Diam-
eter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing Surface 
P. (psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

2610 0.1875 1192 1400 1388 0.509 8975 0.745
3834 0.375 — — — 2.6 9991 3.01
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For 40% water cut, kickoff pressure of 1800 psig, and 2.6 MMscf/D of gas 
injection rate, two gas lift mandrels are required (one for the unloading valve 
at 3592 ft. TVD and the other for the orifice valve at the point of injection 
at 5224 ft. TVD). The design values for each valve are given in Table 9.4.

For 40% water cut, kickoff pressure of 1450  psig, and 4.2 MMscf/D of 
gas injection rate, two gas lift mandrels are required (one for the unloading 
valve at 2610 ft. TVD and the other for the orifice at the point of injection 
at 3840 ft. TVD). The design values for each valve are given in Table 9.5.

The graphs of the designs are presented in Fig. 9.57.

■■ FIGURE 9.56 Gas lift designs for 30% water cut.

Table 9.4 Design for 40% Water Cut and 1800 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port  
Diameter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing 
Surface P. 
(psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

3592 0.1875 1542 1750 1735 0.829 8907 0.953
5224 0.375 — — — 2.6 9985 3.67

Table 9.5 Design for 40% Water Cut and 1450 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port  
Diameter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing  
Surface  
P. (psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

2610 0.25 1224 1400 1369 0.825 8570 1.44
3840 0.5 — — — 4.2 9897 5.19
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For 50% water cut, kickoff pressure of 1800 psig, and 3.6 MMscf/D of gas 
injection rate, two gas lift mandrels are required (one for the unloading 
valve at 3592 ft. TVD and the other for the orifice at the point of injection 
at 5248 ft. TVD). The design values for each valve are given in Table 9.6.

For 50% water cut, kickoff pressure of 1450 psig, and 4 MMscf/D of gas in-
jection rate, two gas lift mandrels are required (one for the unloading valve 
at 2610 ft. TVD and the other for the orifice at the point of injection at 
3846 ft. TVD). The design values for each valve are given in Table 9.7.

The graphs of the designs are presented in Fig. 9.58.

Table 9.6 Design for 50% Water Cut and 1800 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port  
Diameter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing  
Surface 
P. (psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

3592 0.25 1585 1750 1711 1.22 8719 1.85
5248 0.4375 — — — 3.6 9984 4.85

Table 9.7 Design for 50% Water Cut and 1450 psig Kickoff Pressure

Valve Depth 
(ft. TVD)

Port  
Diameter (in.) Ptr (psig)

Opening 
Surface  
P. (psig)

Closing  
Surface  
P. (psig)

Gas Flow 
Rate 
(MMscf/D)

Liquid 
Production 
(STBL/D)

Max. Valve 
Throughput 
(MMscf/D)

2610 0.25 1223 1400 1369 1 8125 1.44
3846 0.5 — — — 4 9563 5.17

■■ FIGURE 9.57 Gas lift designs for 40% water cut.
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The liquid production and the injection gas/oil ratio, for each water cut and 
kickoff pressure, are presented in Table 9.8. The percent increase in the  
liquid production, as well as the decrease in the injection gas/oil ratio, in 
going from a kickoff pressure of 1450–1800 psig, is also presented in the 
table. The increase in liquid production is not very significant (no greater 
than 5%). Although not very large, the reduction of the injection gas/oil 
ratio, on the other hand, constitutes the only advantage of increasing the 
kickoff pressure to 1800 psig. If the kickoff pressure is 1800 psig, the injec-
tion gas/oil ratio is larger than 500 scf/STBO only for a water cut of 50%; 
but, for a kickoff pressure of 1450 psig, the injection gas/oil ratio is larger 
than 500 scf/STBO for water cuts of 40 and 50%.

The pressure drop across the orifice valve should be approximately equal 
to no less than 10% of the injection pressure at depth (just upstream of 
the orifice valve) to avoid gas lift instabilities. This percentage is presented 
in Table 9.9. Because the minimum pressure drop across the injection ori-
fice (imposed during the gas lift design calculations) was the same for both 

■■ FIGURE 9.58 Gas lift designs for 50% water cut.

Table 9.8 Liquid Flow Rate and Injection Gas/Oil Ratio for the Two Available Kickoff Pressures

Water Cut (%)

Available Inj. P. 1450 psig Available Inj. P. 1800 psig

Incr. Liquid 
Production (%) Incr. IGOR (%)

Liquid flow 
rate (STBLD)

IGOR  
(scf/STBO)

Liquid flow 
rate (STBLD)

IGOR  
(scf/STBO)

30 9,991 372 10,034 256 0.43 −31
40 9,897 707 10,003 433 1.07 −39
50 9,563 836 10,005 720 4.62 −14
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kickoff pressures, it can be seen that the pressure drop represent a larger per-
centage of the injection pressure at depth for a kickoff pressure of 1450 psig 
and, in consequence, the gas lift designs might be slightly more stable for 
this kickoff pressure; but the pressure drop across the orifice for a 1800-psig 
kickoff pressure is still within acceptable levels. The range of the operat-
ing injection pressures is also presented in Table 9.9. This range of operat-
ing pressures is equal to the maximum acceptable injection pressure (above 
which an upper unloading valve might open) at valve’s depth minus the 
production pressure also at the depth of the orifice valve. As can be seen in 
the table, the ranges of operating pressures are slightly wider for a kickoff 
pressure of 1800 psig, thus the gas lift designs are equally flexible for both 
kickoff pressures.

As for the depths of the operating orifice valves and the unloading valves, it 
can be seen from the designs presented above that, for a given kickoff pres-
sure, the unloading valve’s depth is the same for all water cuts and the depth 
of the operating valve is not affected very much by the value of the water cut 
(a maximum difference of only 49 ft. for a 1800-psig kickoff pressure and 
12 ft. for a 1450-psig kickoff pressure). Thus, for a given kickoff pressure, 
the shallowest operating mandrel (where the orifice valve will be installed) 
can be taken as the operating point of injection for all water cuts.

In conclusion, regarding the production flow rate and the injection gas/
oil ratio, the advantages of increasing the kickoff pressure from 1450 to 
1800 psig are not very significant and additional factors (such as cost of gas 
compression and distribution) should be considered in order to reach a final 
decision regarding the kickoff pressure that should be used. If an injection 
pressure of 1800 psi is already available, larger sequential pressure drops 
per valve, as well as larger minimum pressure drops at the point of injection, 
can be considered. Gas lift mandrels will be located at shallower depths but 
the gas lift designs will be very stable and with no significant loss in the 
liquid production or increase in the injection gas/oil ratios.

Table 9.9 Pressure Drop Across the Injection Orifice (As a Percentage of the Injection Pressure) and the 
Range of Injection Pressure Available at the Depth of the Point of Injection

Water Cut (%)

Pressure Drop Across  
Orifice (%)

Oper. Inj. Pressure 
Range (psi)

Pressure Drop 
Across Orifice (%)

Oper. Inj. Pressure 
Range (psi)

1450 psig Kickoff Pressure 1800 psig Kickoff Pressure

30 15 319 8 335
40 14 346 10 355
50 13 341 9 366
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10
Design of intermittent gas  

lift installations
Several design techniques corresponding to different types of installations 
and surface-gas-injection control systems for intermittent gas lift are pre-
sented in the chapter. Recommended practices regarding the operation of 
downhole equipment and surface facilities, as well as the selection of the 
right type of completion for the different possible operational conditions, 
are also presented.

10.1 DESCRIPTION OF THE PRODUCTION CYCLE
Intermittent gas lift consists of injecting high-pressure gas, mostly stored 
in the annulus, into the production tubing at predetermined time intervals 
and volumes per cycles. The gas enters the tubing through a single point of 
injection, usually located as deep as possible in the well. The liquid slug that 
is generated in the tubing above the point of injection is lifted to the surface 
thanks to the work done by the injection gas at each cycle. Fig. 10.1 shows 
the description of one complete production cycle.

The subsurface gas lift operating valve (usually the deepest one in the well) 
is closed at the beginning of the cycle and the liquid column is growing in 
length in the tubing above this valve. At the same time, the injection pres-
sure in the annulus is increasing because gas is being continuously injected 
at the surface into the annulus of the well. The combined effect of the injec-
tion and production pressures eventually opens the gas lift valve, allowing 
a high gas flow rate into the tubing string that pushes the liquid column 
towards the surface. While the liquid slug travels to the surface, the annular 
injection pressure is decreasing because the gas flow rate through the oper-
ating gas lift valve is much greater than the gas flow rate injected into the 
annulus at the surface. When the entire liquid slug has been produced to the 
surface, the injection pressure should have dropped to the gas lift valve’s 
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injection closing pressure. The operating gas lift valve then closes to start a 
new cycle. During the time gas is injected into the tubing, the standing valve 
located below the gas lift valve is closed; however, the flowing bottomhole 
pressure below the standing valve increases during this period of time due 
to the action of the reservoir. The two upper unloading valves shown in 
Fig. 10.1 should remain closed at all times for this type of design.

Throughout the production cycle just described, the gas flow rate is injected 
at the surface at a constant rate, which is usually a very small flow rate 
compared with the instantaneous gas flow rate through the operating gas lift 
valve while it is open. The gas flow rate at the surface is kept at a predeter-
mined value by installing a choke in the gas injection line. The diameter of 
this “gas injection” choke is selected so that the flow across it is maintained 
at a constant value, for which the gas flow must be critical. Many times, 
instead of having a choke with a fixed diameter, a needle valve is used to 
control the gas flow rate. This valve makes it possible for the surface gas 
flow rate to be fine tuned to any desired value without effort.

The production cycle just described corresponds to what is called “choke-
control intermittent gas lift.” For reasons that are explained in Section 10.5, 
it is some times recommended to control the surface gas injection in a dif-
ferent manner, with an automatic “on–off” or “open/close” surface control 
valve, also known as an “intermitter.” With this type of control, the produc-
tion cycle is described as follows.

■■ FIGURE 10.1 Production cycle.
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At the beginning of the cycle, the surface controller and the gas lift 
valve are both closed and the liquid slug is being generated above the 
gas lift valve. Then, after a predetermined period of time, the surface 
controller opens and allows a very high gas flow rate to enter the 
well’s annulus. This makes the annular pressure increase very rapidly 
to achieve a value equal to the subsurface gas lift valve’s injection 
opening pressure. If calculations were properly carried out, the gas 
flow rate through the intermitter must be much higher than the gas flow 
rate through the gas lift valve. This allows the injection pressure to 
keep increasing while the intermitter and the gas lift valve are opened 
at the same time; therefore, the gas lift valve can remain open for as 
long as the surface intermitter is opened. After a predetermined time 
period, the surface intermitter closes and because the gas lift valve is 
still open, the injection pressure begins to drop until the gas lift valve’s 
closing pressure is reached. The time intervals during which the surface 
intermitter remains opened and closed can be set to change the total 
cycle time and the volume of gas injected per cycle “independently” of 
one another (which is something that cannot be attained with choke-
control intermittent gas lift) and that is the main advantage of using 
surface intermitters.

10.2 GENERAL FUNDAMENTALS  
AND IMPLEMENTATION GUIDANCE  
FOR INTERMITTENT GAS LIFT
As the reservoir pressure declines, the injection gas/liquid ratio increases for 
both continuous and intermittent gas lifts. Fig. 10.2 shows how the injection 
gas/liquid ratio increases as the accumulated production increases, eventu-
ally reaching a point at which it is not economically feasible to produce the 
well because the production costs are greater than the revenues obtained 
from the sell of the crude oil.

Shifting from continuous to intermittent gas lift is primarily done to reduce 
the injection gas/liquid ratio. It is possible that by switching to intermittent 
gas lift the production of the well increases but, with a few exceptions, this 
only happens when the production of the well was not optimized while it 
was producing on continuous gas lift.

Before shifting from continuous to intermittent gas lift, it is convenient to 
know if it is possible (and economically feasible) to stay on continuous gas 
lift by replacing the current production tubing string with another one that 
has a smaller inside diameter. It is necessary to perform nodal and economic 
analyses to determine if the cost of changing the tubing diameter could be 
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justified. Those wells that have equal performances on continuous and inter-
mittent gas lift should be kept on continuous gas lift because it is better for 
the efficiency of the compression system to do so and to avoid the extra cost 
of operation and maintenance usually associated with intermittent gas lift 
operations. Operationally, continuous gas lift is more practical and simpler. 
Intermittent gas lift is only recommended when there is no other alternative 
to keep the injection gas/liquid ratio within an acceptable limit.

With the well already on intermittent gas lift, as the reservoir pressure de-
clines the liquid columns becomes smaller and the injection gas/liquid ratio 
increases, eventually reaching a value at which it is no longer economically 
feasible to produce the well. This maximum injection gas/liquid ratio can 
temporarily be maintained by simply increasing the cycle time. This allows 
the liquid columns to increase in size but the total daily production is re-
duced because fewer cycles per day are produced.

There is one and only one cycle time at which the daily production is maxi-
mized. This cycle time is called “optimum cycle time (OCT).” If the injec-
tion gas/liquid ratio has reached its economic limit, it could still be kept 
lower than the economic limit for a while by allowing the cycle time to be 
greater than the OCT but, as mentioned earlier, the daily production is re-
duced in the process. If the reservoir pressure continues to decrease, a point 
will be reached in which it would not matter how long the cycle time be-
comes, the injection gas/liquid ratio will be above the maximum economic 
limit. At this point, the only way to produce the well in a profitable way is 
by using a special type of completion such as the “accumulation chambers” 

■■ FIGURE 10.2 Injection gas/liquid ratio as a function of the well’s accumulated production.
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or the “accumulators” described in chapter: Gas Lift Equipment. Design 
methods for these special types of completions are presented in the chapter.

There is no general rule that would help decide when to shift from continu-
ous to intermittent gas lift. Some specialists indicate that the well should 
be produced on intermittent gas lift when the reservoir pressure is less than 
or equal to 150 psig per each 1000 ft. of depth of the top of the perfora-
tions. Other specialists recommend producing the well on intermittent gas 
lift if the reservoir static liquid level is less than or equal to one-third the 
depth of the top of the perforations. But these general rules do not apply to 
all wells in the same manner. Not all wells that should be on intermittent 
gas lift according to these rules will perform better on intermittent gas lift 
for reasons that have to do with the completion of the well itself and with 
the characteristics of the surface facilities that handle the production of the 
well. In other words, changing the production method to intermittent gas 
lift might not reduce the injection gas/liquid ratio or it might not be feasible 
because of current limitations in fluid separation or handling capacities of 
the surface facilities.

The general rules previously mentioned are based on the reservoir pressure 
because this is the most important variable to consider when shifting to in-
termittent gas lift. However, as indicated in the previous paragraph, besides 
the reservoir pressure, there are other factors that affect the injection gas/
liquid ratio. If the velocity of the liquid slug can be maintained around its 
recommended value for intermittent gas lift (which is approximately equal 
to 1000 ft./min), the injection gas/liquid ratio mainly depends on the follow-
ing three factors: (1) injection point depth, (2) viscosity of the liquids being 
lifted, and (3) the initial liquid column length (which usually corresponds 
to the liquid column length at the OCT). The initial liquid column length is 
the length of the liquid column just before the gas lift valve opens. This col-
umn length is really a function of the reservoir pressure and, as previously 
mentioned, is the most important variable to consider. The influence of these 
factors is explained as follows.

The deeper the injection point depth is, the greater the injection gas/
liquid ratio will be required for a given liquid column length because 
the length of the tubing that needs to be filled with injection gas to lift 
the liquid column to the surface is greater.
Highly viscous fluids require larger injection gas/liquid ratios because 
more work is needed to overcome the friction that is generated as the 
liquid slug travels to the surface. Additionally, viscous fluids cause 
greater liquid fallback losses, which are defined as that portion of the 
initial liquid slug that is not produced to the surface because it adheres 
to the tubing walls as the slug travels upwards.
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Finally, for a given point of injection depth, the injection gas/liquid ratio 
increases as the liquid slugs become smaller. As much as it is true that 
smaller slugs need less gas to be lifted, it is also true that this reduction 
in the required volume of gas per cycle is not very significant and the 
injection gas/liquid ratio ends up being greater for small liquid slugs.

The daily production of the well depends on the productivity index (PI) and 
the reservoir pressure. These two variables can be independently analyzed.

j Constant PI. As it is demonstrated later in the chapter, for a given value 
of the PI (keeping everything else constant), the OCT is constant, 
independently of the reservoir pressure. However, the liquid column 
length and, therefore, the liquid production, still depend on the 
reservoir pressure.

j Constant reservoir pressure. For a given reservoir pressure, the OCT 
depends on the value of the PI or, put in another way, the maximum 
liquid production depends on the PI. However, in this case because 
the liquid column length is the same for any PI (given the fact that the 
reservoir pressure is constant) and equal to the length it would have at 
the OCT, the volume of gas that is required per cycle does not change. 
In other words, for a given reservoir pressure and point of injection 
depth, if the well is produced at the OCT, the injection gas/liquid ratio is 
going to be the same for different values of the PI (keeping everything 
else constant), even though the total daily production will change.

In a graphical way, the points expressed in the previous two paragraphs 
are shown in Fig. 10.3 and they are analytically derived in Section 10.6. 
Fig. 10.3a shows the same OCT for three wells with the same PI, as well 
as everything else, but with different reservoir pressures (Pres). In this case, 
the daily production and the production per cycle increase directly propor-
tional to the reservoir pressure, but the number of cycles per day is constant. 

■■ FIGURE 10.3 Effect of the reservoir pressure, Pres, and the productivity index (PI) on 
the optimum cycle time (OCT).
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Fig. 10.3b shows different OCTs for three wells with different values of the 
PI but with the same reservoir pressure (as well as everything else). Under 
these conditions, the production per cycle is the same for all wells, but the 
daily production is greater for the wells with larger PI values, which are 
capable of generating the same liquid column length in less time.

The PI for intermittent gas lift is in reality the average value this parameter 
takes within the range of bottomhole pressures encountered in one cycle. 
The bottomhole pressure usually goes from very low values at the beginning 
of the liquid column generation period, to values usually less than 50% of 
the static reservoir pressure at the moment the gas lift valve opens to initiate 
gas injection into the tubing. When the PI is not known (so that the OCT can-
not be calculated), it is a good approximation to assume that the maximum 
bottomhole pressure would be equal to 50% of the static reservoir pressure 
when the well is producing at the OCT. The OCT itself cannot be calculated, 
but the gas lift valve can be set for that maximum bottomhole flowing pres-
sure and then the OCT can be obtained by a trial and error field procedure, 
changing the cycle time by increasing or decreasing the surface gas flow rate 
into the well (in case of choke-control intermittent lift) or by changing the  
time the surface controller remains closed (in case intermitters are used).  
The correlations used to calculate the IPR curves, like Vogel’s correlation, 
were developed for wells producing under steady state conditions only. 
Therefore, it is not correct to apply them for wells under intermittent gas lift 
conditions. But it has been demonstrated (by actual downhole flowing pres-
sure surveys) that a constant PI can be used to analytically model the bottom-
hole pressure increase during the liquid column generation period as long as 
this pressure is kept at values less than 50% of the static reservoir pressure. 
This is explained in Section 10.6 in the analytical derivation of the OCT.

Wells with simple type completions can have small or large formation gas/
liquid ratios and any PI value and yet they could still be good candidates 
for intermittent gas lift if they can reduce the injection gas/liquid ratio and 
the surface facilities can handle the liquid slugs being produced at each 
cycle. Accumulation chambers (Fig. 6.57), on the other hand, are recom-
mended for wells with small formation gas/liquid ratios and large PI values 
to be able to increase the daily liquid production. Regardless of the actual 
value of the PI, accumulation chambers in wells with small formation gas/
liquid ratios can reduce the injection gas/liquid ratio in most situations (if 
they are properly designed). Wells with large PI values and large forma-
tion gas/liquid ratios are good candidates for “accumulators” rather than 
for accumulation chambers because accumulators can handle formation gas 
more efficiently (Fig. 6.49). Design methods for accumulation chambers 
and accumulators are explained later in the chapter in Sections 10.7 and 
10.8, respectively.
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The portion of the initial liquid column that is not produced to the surface at 
each cycle is called “fallback loss.” As the liquid slug travels up the tubing, 
some liquids (that will not be produced to the surface) are left behind, either 
adhered to the tubing wall, or as small droplets in the gas core. The “liquid 
fallback factor” is defined as the fraction (expressed from 0 to 1) of the ini-
tial liquid column length that is not produced per each 1000 ft. of depth of 
the point of injection. For example, if the fallback factor is equal to 0.05, it 
means that 5% of the initial liquid column, per each 1000 ft. of depth of the 
point of injection, will not be produced. If the operating valve is at 10,000 ft. 
of depth, the total liquid fallback loss would be equal to 50% of the initial 
liquid column: 0.05 × 10 × (initial column length).

Liquid fallback losses basically depend on two factors: the viscosity of 
the liquids being lifted and the travel velocity of the liquid slug. For wells 
with API gravities greater than approximately 23° API, the effect of liquid 
viscosity on the liquid fall back losses is negligible. It is usually assumed 
that the fallback losses for wells with oil gravities greater than or equal 
to 23° API are between 4 and 6% of the initial liquid slug length per each 
1000 ft. of depth of the point of injection as long as the liquid slug velocity 
is of approximately equal to 1000 ft./min. However, field tests have shown 
that the fallback losses increase in a considerable and nonlinear way as the 
viscosity of the oil increases for oils with gravities less than 23° API. This 
effect induces an increase in the injection gas/liquid ratio (Rgli). This is the 
main reason why wells that produce heavy oils are not good candidates 
to be produced on intermittent gas lift. For crude oils between 16 and 18° 
API, the fallback factor value lies between 0.14 and 0.12, which means 
that 14–12% of the initial liquid column, per each 1000 ft. of depth of 
the injection point, is not produced to the surface due to liquid fall back. 
These fallback factors are valid only if the liquid slug velocity is around 
its optimum value. If the slug velocity is too low or too high, the fallback 
factor could increase to reach even 100% of the initial liquid slug length 
per 1000 ft. of the point of injection depth, regardless of the value of the 
liquid viscosity.

As indicated earlier, the recommended slug velocity to minimize the liquid 
fall back is equal to approximately 1000 ft./min. If the slug velocity is too 
small, the injection gas tends to bubble through the liquid slug. But if the 
liquid slug velocity is too high, the gas will break through the liquid slug, 
causing a reduction of the lifting efficiency because the liquid will be pro-
duced in a multiphase flow pattern called “mist-flow.” Low liquid velocities 
are caused by a very low gas injection flow rate into the tubing through the 
gas lift valve. This low gas flow rate, in turn, could be due to the port of 
the gas lift valve being too small or an injection pressure that is too small 
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compared with the production tubing pressure exerted at the bottom of the 
liquid slug. The value of the instantaneous gas flow rate required to achieve 
an adequate slug velocity depends on the diameter of the production tubing. 
Small diameter production tubing requires a small local, or instantaneous, 
gas flow rate through the gas lift valve and most gas lift systems are able to 
provide those flow rates. Large diameter tubing strings, on the other hand, 
require very large gas flow rates through the gas lift valve that many gas lift 
systems cannot provide.

The value of the water cut also affects the intermittent gas lift method. Field 
observations have revealed that the efficiency of the method (in terms of 
standard ft.3 injected per stock tank barrels of liquids produced) is improved 
if the water cut is above 60%. It is possible that this is due to the values of 
the viscosity and specific weight of the liquid water, as well as the usually 
low dissolved gas/water ratios.

As it was stated earlier (for continuous or intermittent gas lift) the efficiency 
of the gas lift method decreases for deeper points of injection. For a given 
reservoir pressure and PI, as the depth of the formation increases, the injec-
tion gas/liquid ratio also increases. This is due to the combination of having 
to use more gas to lift the liquid slug to the surface and the increment in the 
liquid fallback losses because the liquid slug has to travel greater distances. 
The gas consumption increases linearly with the depth of the injection point 
but the injection gas/liquid ratio increases at a greater rate and in a nonlinear 
manner because of the increase in the liquid fallback losses with increasing 
depths of the point of injection. As was indicated earlier, if the economic 
limit for the injection gas/liquid ratio has been reached, the gas consumption 
per produced barrel of liquid can be lowered by producing longer liquid col-
umns. This can be attained by increasing the cycle time above the OCT, but 
the daily liquid production will be reduced because the number of cycles per 
day will be fewer. As indicated, a better solution might be to implement the 
use of accumulators or accumulation chambers, keeping in mind that there 
are wells that would not be good candidates for this solution for reasons that 
are explained later in the chapter.

The dependency of the injection gas/liquid ratio on the depth of the point of 
injection can be understood from the following derivation.

The volume of gas that must be injected at each cycle to fill the tubing 
below the liquid slug at the precise moment the slug reaches the 
surface is calculated using the following equation:
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Where Vcycle is the volume of gas injected at each cycle in scf, At 
is the area of the tubing in square feet, Lval is the measured depth 
of the operating valve or point of injection in feet, Ptubing and Ttubing 
are the average absolute pressure and temperature of the gas in the 
tubing when the liquid slug is produced to the surface, in psia and °R, 
respectively. Ztubing is the gas compressibility factor at Ptubing and Ttubing.

On the other hand, the volume of liquid accumulated at the bottom of the 
well is equal to the length of the liquid slug, Lslug in feet, multiplied by the 
tubing area, At in square feet, and divided by 5.61 to express this volume 
in barrels. This initial volume needs to be multiplied by (1 – fallback 
losses) to find the volume of liquid produced per cycle, VolL, in barrels. 
Because the liquid fallback losses are equal to the fallback factor 
multiplied by the depth of the point of injection in Mft., VolL is given by:
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Where F is the liquid fallback factor expressed from 0 to 1. For 
example, for a 6% fallback loss per each 1000 ft. of depth of the 
injection point, the value of F is equal to 0.06.

The injection gas/liquid ratio (Rgli) in scf/STB is obtained from 
Eq. 10.1 divided by Eq. 10.2:
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As can be seen in this equation, the injection gas/liquid ratio increases by 
increasing the depth of the point of injection, Lval, in a nonlinear fashion 
because this term appears in two places in the equation, in both cases 
causing the injection gas/liquid ratio to increase but in different proportions.

The size of the liquid column has the opposite effect: as the length of 
the liquid column increases, the injection gas/liquid ratio is reduced; 
but this is more difficult to calculate by just looking at Eq. 10.3. 
Even though the pressure Ptubing also increases in direct proportion to 
the length of the liquid column, the size of the liquid column in the 
equation plays a more important role and therefore the injection gas/
liquid ratio decreases if the length of the liquid slug increases (Ptubing is 
not only due to the hydrostatic pressure of the liquid slug but it is also a 
consequence of the friction losses due to the slug movement).

VolL=LslugAt15.611−Lval1000F

Rgli=LvalPtubing198.45ZtubingTtubingLsl
ug1−Lval1000F
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It can be seen that the area of the tubing is not present in Eq. 10.3 
because the increment in the required injection gas volume (if the 
area increases) is compensated by the increase in the volume of liquid 
being produced. This is true as long as the gas lift system can provide 
an injection gas flow rate capable of sustaining a liquid slug velocity 
of 1000 ft./min. For example, in wells with large diameter tubing, 
even with an injection pressure capable of lifting the liquid slug to 
the surface, it might not be possible to implement the intermittent gas 
lift method in an efficient manner because the very high injection gas 
flow rate through the gas lift valve that is required to sustain a slug 
velocity of 1000 ft./min cannot be provided by many gas lift systems. 
On the other hand, if the tubing diameter is too small, the volume of 
liquid produced per cycle and the volume of gas injected per cycle are 
both very small. However, the problem in this case is that the injection 
frequency must be increased (to maximized the liquid production) 
such that the fraction of the total cycle time spent injecting gas into the 
tubing is relatively larger and the daily liquid production cannot be as 
high as the true potential of the well with a greater (but not too large) 
tubing diameter.

The size of the injection annulus also plays a major role in the intermittent 
gas lift method. If the casing diameter is too large, it is possible that the 
spread (defined as the difference between the opening and closing pressures 
of the gas lift valve) that is needed to pass just the amount of gas required per 
cycle might be too small for any commercially available gas lift valve to ac-
complish. The spread of the valve is proportional to its area ratio. For a very 
small spread, the required area ratio might be smaller than the minimum 
available area ratio. Some times this problem can be mitigated by reducing 
the injection pressure because the spread of the valve is also proportional 
to the injection pressure. However, this solution needs to be evaluated very 
carefully so that the liquid slug velocity is not reduced to a point in which 
the liquid fallback losses are increased. Another possible solution might be 
to install the injection choke (in case of choke-control intermittent lift) or the 
intermitter (if the injection is controlled at the surface by on–off valves) near 
the wellhead and not at the injection manifold, eliminating in this way the 
volume of the injection gas line between the manifold and the wellhead that 
would otherwise be injected into the well at each cycle. Large casing diam-
eters affect wells produced on choke control or with the use of intermitters.

Contrary to the problem outlined in the previous paragraph, if the annular 
diameter is too small, then it will be necessary to install gas lift valves with 
large area ratios that would provide large spreads to pass the required vol-
ume of gas per cycle for a well on choke-control intermittent lift. If, even 
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with the largest available area ratio of the gas lift valve, it is not possible to 
pass all the required volume of gas per cycle, some actions could be taken 
to attain this required volume of gas, like increasing the injection pressure 
(which will increase the spread of the valve) or installing the gas surface 
injection choke as far as possible from the wellhead to inject the gas stored 
in the gas line. Another solution is to use surface controllers or intermitters 
to force the gas lift valve to stay open for longer periods of time.

The flowline diameter is another parameter that should be considered. Any 
increase in the production wellhead pressure can diminish the lifting ef-
ficiency of both, continuous and intermittent gas lift methods. In continuous 
flow, higher wellhead pressures cause higher flowing bottomhole pressures 
and therefore a reduction of the liquid production. For intermittent gas lift, 
restrictions at the wellhead and in the flowline can cause a considerable 
increase in fallback losses if the liquid slug reaches any of these restrictions 
before the entire liquid slug has been produced to the surface; however, in 
any case in which the flow is restricted (before or after the entire liquid slug 
is produced to the surface), the injection gas will not be vented as fast as it 
should, creating a higher back pressure on the reservoir that would not allow 
the liquid column to be generated as fast as it would otherwise. It is recom-
mended to have flowlines with inside diameters greater than or equal to the 
inside diameters of the production tubing. It is not recommended to have 
several wells on intermittent gas lift producing to the same flowline because 
the wellhead pressures of all wells will increase every time one of them is 
produced. Additionally, the flowline must be free of paraffin or any other 
deposition that might restrict the flow. Smashed or bent flowlines (especially 
in offshore installations) are not uncommon and usually create unacceptable 
flow restrictions.

The wellhead and its surroundings are very important. A liquid slug travel-
ing at 1000 ft./min in a 2⅞-in. tubing has almost the same velocity of the 
liquids in a continuous gas lift well producing 8000 STB/D. At this velocity, 
any restriction at the wellhead, or at a point in the flowline close to the well-
head, can cause large liquid fallback losses. All Ts and elbows that are not 
necessary must be removed and, if possible, special wellheads such as those 
shown in Fig. 10.4 should be used to reduce liquid fallback losses while still 
being able of performing wireline interventions.

Choke housings should be removed because their inside diameters might 
be too small, even with no chokes installed in them. Sometimes, when the 
separator is not capable of handling the liquid slugs produced in intermit-
tent gas lift, it becomes necessary to install a surface choke in the flowline 
to reduce the liquid slug velocity. This solution should only be implemented 
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if it is a temporary solution because the choke will not allow the injection 
gas to be vented as fast as it should. If it is absolutely necessary to install a 
surface choke, it should be installed as far as possible from the wellhead to 
make sure that the entire liquid slug has been produced to the surface before 
it reaches the choke; otherwise, the liquid fallback losses would be too high 
because the slug velocity could be greatly reduced while part of the liquid 
slug is still in the production tubing.

The injection gas line that connects the gas injection manifold to the well 
must be properly designed to have the minimum possible pressure drop 
when the gas flow rate reaches its maximum value with the use of surface 
intermitters. If the gas line diameter is too small, the intermitter should be 
installed as close as possible to the wellhead. In this way, the gas that flows 
through the gas line is always at a high pressure, keeping the in situ velocity 
very low so that the frictional pressure drop is reduced. If it is necessary to 
further reduce the frictional pressure drop, one economical way of doing it 
is by connecting a new gas injection line parallel to the existing one. This 
is called “looping” and it might be less expensive than replacing the current 
gas injection line by a larger diameter line.

Gas injection lines should also be large when the compressor capacity is 
limited or the well’s casing–tubing annular volume is small. In these cases, 
the injection line volume is used as an additional high-pressure-gas storage 
volume to be used precisely when the well on intermittent gas lift needs it. 
In this case, the gas injection choke or the intermitter should be installed at 
the injection manifold and not at the wellhead.

Injection gas lines should be periodically vented to get rid of loose solid 
particles that could plug gas lift valves. This problem usually happens in old 

■■ FIGURE 10.4 Special wellhead arrangements for intermittent gas lift.
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gas lift systems, where small debris (caused by corrosion) from the inside 
surface of the gas line are carried by the injection gas into the well. But this 
problem could also be present in very new gas lines, where it is not uncom-
mon to find solid particles, left inside the pipe when it was installed, travel-
ing with the injection gas into the well. Solid particles traveling with the gas 
could cause gas lift pilot valves to fail open. Solid particles plug the bleed 
orifice of the piston installed in the lower section of the pilot valve. Once 
this orifice is plugged, it is not possible for the piston to return to its close 
position. This is explained in detail in Section 10.4.

The bleed orifice of the piston, mentioned in the previous paragraph, can be 
unplugged by first closing the flowline at the wellhead and injecting gas into 
the tubing and the annulus at the same time. Then, once the injection mani-
fold pressure is reached in the injection line, the gas in the tubing is vented 
as fast as possible by quickly opening the flowline to the separator. Some 
operators prefer to vent the annulus instead of the tubing. If this is done, 
a high-pressure hose should be used to direct the gas flow to the flowline, 
instead of venting it to the atmosphere because methane can contribute to 
the greenhouse effect in a way that is even more detrimental than the effect 
caused by CO2. If the bleed orifice of the piston of a pilot valve is plugged 
with marine depositions, it is possible to unplug it by injecting fresh water 
down the annulus, taking into account the fact that this operation should not 
be performed in corrosive environments because CO2 or H2S in presence of 
water could cause casing and tubing corrosion.

When the surface gas injection control is shifted from choke control to the 
use of surface intermitters, the internal components of the needle valve, or 
the needle valve itself, that was used to control the injection gas while the 
well was producing on choke control, should be removed. Orifice plates 
with small beta ratios, or any restriction along the injection gas path, should 
also be removed if it restricts the gas flow when the surface intermitter 
opens.

Standing valves, installed in the production tubing below the point of gas 
injection, are highly recommended in intermittent gas lift because they pre-
vent liquids from being injected back into the formation and avoid exposing 
the formation to the high injection pressures attained at each cycle. Addi-
tionally, these standing valves reduce the loss of the injection gas energy 
that takes place when part of this energy is used in compressing the mixture 
of gas and liquids below the point of injection (this is why it is recommend-
ed to install the standing valve as close as possible to the point of injection). 
In accumulation chambers (explained in Section 10.3), the use of standing 
valves is mandatory. If the well produces sand, there are special standing 
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valves (such as the extended valve shown in Fig. 10.5) that are not easily 
plugged by sand deposition.

It is possible that a well could have the same production with or without a 
standing valve installed below the point of injection. This happens when 
the injection pressure is greater than or equal to the required injection pres-
sure to make the liquid slug travel at an adequate velocity (around 1000 ft./
min) or when the point of injection is closed to the top of the perforations. 
In these cases, it is perfectly acceptable to do without standing valves if the 
formation is not going to be affected by the periodic increase of the bottom-
hole pressure. When the injection pressure is small and/or an adequate slug 
velocity cannot be attained, the use of standing valves could greatly improve 
the operation of the well.

It is highly recommended to use gas lift pilot valves for intermittent gas lift 
instead of single-element valves. Pilot valves are described in detailed in 
Section 10.4. The use of single-element valves is not recommended because 
with single-element valves it is not possible to increase the port (or seat) 
diameter, through which the injection gas must pass, without affecting the 
value of the spread of the valve (which is defined as the difference between 
the injection opening and closing pressures of the valve). The spread of the 
valve is proportional to its area ratio (port or seat area divided by the bel-
lows area). In intermittent gas lift, it is very important to inject gas into the 
tubing at a very high flow rate, which can be attained using large diameter 
ports. Using large diameter ports in a single-element valve, to increase the 

■■ FIGURE 10.5 Accumulation chamber with standing valve: (a) standard type, 
(b) extended type to handle sand production.
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gas flow rate to the required values for intermittent gas lift, might increase 
the spread of the valve way above the value needed to inject the total volume 
of gas required per cycle. This results in a large injection gas/liquid ratio, 
which is precisely the opposite goal of implementing the intermittent gas 
lift method.

Even though pilot valves are more expensive and have a higher failure fre-
quency because they are more complex than single-element valves, their 
use represents the only way in which the intermittent gas lift method can be 
implemented in an efficient manner in most wells. This is due to the fact that 
these valves have a large main port diameter that is independent of the value 
of valve’s area ratio. This allows these valves to pass a large or small total 
volume of gas per cycle, but always at a very high instantaneous flow rate. 
Single-element valves are only recommended (but not always) for wells 
with a very small casing–tubing annular volume, where large valve spreads 
are needed; in this case, a single-element valve with a large seat will provide 
a high gas flow rate and a large spread at the same time.

10.3 TYPES OF COMPLETIONS FOR INTERMITTENT 
GAS LIFT
There are different types of completions that can be used for intermittent 
gas lift, each of them recommended for specific operational conditions. 
Well completions for intermittent gas lift are presented in chapter: Gas Lift 
Equipment. Additional explanations regarding their use and limitations are 
presented in this section. The reader is advised to review Section 6.4 to 
obtain additional information on the construction, operation, installation, 
advantages, and disadvantages of the different types of completions for con-
tinuous and intermittent gas lift wells.

Fig. 10.1 shows a single completion that can be used for continuous or inter-
mittent gas lift. The operating valve should be located as close as possible to 
the top of the perforations because, for intermittent gas lift wells, the reser-
voir static pressures are usually very low and, in consequence, they generate 
liquid columns that are not be very long. The completion shown in Fig. 10.1 
is the most widely used type of completion for intermittent gas lift and, most 
of the time, these completions were originally installed in wells producing 
on continuous gas lift before their reservoir pressures declined. The only 
changes needed to shift the well to intermittent gas lift are the installation of 
a pilot valve at the operating point of injection and a standing valve in the 
tubing below the pilot valve (but as close as possible to it). As mentioned in 
the previous section, standing valves might not be necessary for some wells. 
Additionally, if it desired to control the volume of gas (injected per cycle) 
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from the surface, an intermitter needs to be installed in the gas injection 
line. For intermittent gas lift to be effective, these changes must be carried 
out taking into account the recommendations given in the previous section 
regarding the production tubing diameter, well’s annulus, wellhead configu-
ration, the separator capacity, characteristics of the gas injection line, and 
the flow-line, among other factors.

A simple type completion, without a standing valve installed in the well, is 
called a “semiclosed” completion. This type of completion (used for contin-
uous gas lift wells) can be used in intermittent gas lift as well, but sometimes 
they are not recommended because of the reasons already mentioned in the 
previous section. Liquids might be forced back into the formation and the 
loss of injection gas energy (by compressing the mixture of gas and liquids 
below the injection point) could reduce the liquid slug velocity (increasing 
the fallback losses).

Intermittent gas lift is not recommended if gas is injected down the tubing 
and liquids are produced up the annulus because of the following reasons. 
(1) This causes a considerable increase in the liquid fallback losses and in 
the required injection gas volume per cycle; (2) there would not be an ad-
equate high-pressure injection gas volume stored in the well to be used at 
each cycle; and (3) if intermitters are used, there will be a large pressure 
drop of the injection gas along the production tubing that could cause the pi-
lot valve to close before injecting all of the required volume of gas per cycle.

Wells with casings that cannot withstand high injection pressures are usu-
ally produced on continuous gas lift with the use of a gas injection pipe, 
parallel to the production tubing, as shown in Fig. 6.46c. The use of this 
type of completion is not recommended for intermittent gas lift because of 
the following reasons:

1. For choke-control intermittent gas lift (with no surface intermitters), there 
is not a sufficiently large high-pressure-gas volume stored in the well.

2. However, with or without the use of a surface intermitter, the pressure 
drop along the parallel injection pipe would be too large because of the 
large gas flow rate that takes place every time the pilot valve opens. 
The injection pressure that enters the tubing might then be very small 
to push the liquid slug to the surface. This large pressure drop could 
also limit the gas injection into the production tubing in two ways:
a. The volume of gas injected per cycle is reduced because the pressure 

drop along the parallel line makes the pilot valve close very quickly.
b. On the other hand, the low injection pressure at valve’s depth 

makes the instantaneous gas flow rate through the gas lift valve be 
much lower than needed for intermittent gas lift applications.
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When the casing cannot withstand the high injection pressures needed for 
gas lift, the whole completion can be isolated by installing an inserted type 
of completion like those shown in Figs. 6.68 and 6.69. These inserted com-
pletions have the major disadvantages of restricting the flow of liquids and 
gases and having small liquid and injection gas volumetric capacities, not to 
mention the increase of tubular goods that should be used. But they have the 
advantage of being able to vent the formation gas before it enters the cham-
ber or the production tubing. Because of this advantage, some operators 
install these completions in wells with large diameter casings, even if the 
casings are capable of withstanding the large gas injection pressures needed 
to lift the liquid slugs to the surface.

When the reservoir pressure has declined to very small values, the liquid 
columns lifted at each cycle are very small and, as a result of this reduc-
tion in liquid slug size, the injection gas/liquid ratio usually becomes very 
large. One way of increasing the liquid column length is by using accumu-
lation chambers, which allow the production of very large liquid columns 
at each cycle but do not necessarily increase the daily liquid production. 
Even though the liquid columns are larger, the liquid slugs produced per 
day are fewer because it takes longer periods of time to fill accumulation 
chambers than to generate small liquid columns in the tubing of simple 
type completions. Accumulation chambers are then installed primarily to 
reduce the injection gas/liquid ratio and only in few cases, in which the 
PI values are very large, they can increase the liquid production in a sig-
nificant way.

Accumulation chambers should not be installed in wells that produce sand 
because it could be difficult to get rid of the sand, making it very hard to 
pull the completion out of the well if necessary. They are also not recom-
mended for wells with large formation gas/liquid ratios for the following 
reasons:

j It might be difficult to vent the formation gas trapped inside the 
chamber annulus (on top of the liquids) as the chamber is being filled 
with liquids. This causes the liquid level in the chamber annulus to be 
lower than the liquid level in the central dip tube.

j However, even if the formation gas can be properly vented, gassy 
wells tend to fill the chamber with a mixture of gas and liquids that 
could considerably diminish the net liquid volumetric capacity of the 
accumulation chamber.

Accumulation chambers are more complex completions; therefore, they in-
crease the probability of mechanical failures. They should then be installed 



49710.3  Types of completions for intermittent gas lift

only when they are really required to lower the injection gas/liquid ratio and 
the well is indeed a good candidate for this type of completion.

The limitations described earlier for accumulation chambers are analyzed in 
detail in Section 10.7.

Fig. 6.57 shows a double-packer chamber for which the design procedure is 
described in Section 10.7. Double-packer chambers have greater volumetric 
capacity in comparison to all other types of chambers. Three important as-
pects in the design of accumulation chambers of this type are:

j If, during the mandrel spacing procedure, the deeper unloading valve 
depth is very close to the upper packer of a double-packer chamber, 
then one might think that this unloading valve should also be the 
operating valve. If the injection pressure is large enough to unload 
the last section of the tubing and the accumulation chamber at the 
same time, then the last unloading valve can be the operating valve 
(as is the case in simple type completions). However, if the injection 
pressure cannot overcome the hydrostatic pressure of the long liquid 
column to be produced, then two mandrels should be installed at a 
reasonable distance between them so that wireline operations can 
be performed in each of these mandrels. The last unloading valve is 
installed in the upper mandrel and the lower mandrel corresponds to 
the operating valve.

j The length of the chamber should be checked after the design is 
completed: if it is too long, it might not be possible to lift the very 
long liquid slugs that form above the accumulation chamber once all 
the liquid has entered the production tubing (of smaller diameter). It 
might also be possible, and undesirable, that the long liquid columns 
could open the upper unloading valves as they are produced to the 
surface.

j The calibration of the operating valve is calculated with a small, 
constant, production pressure, which is equal to the production 
wellhead pressure plus the weight of the gas column above 
the operating valve. This is because there should not be liquid 
accumulation above the operating valve of a double-packer chamber. 
For simple type completions, the production pressure at valve’s depth 
is not constant but it increases as the liquid column is being generated 
above the operating valve.

When the perforated interval, or the rat hole, is long and the casing diameter 
is large enough, inserted accumulation chambers like that shown in Fig. 6.61 
can be installed to increase the liquid flow rate and reduce the injection gas/
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liquid ratio. They are recommended in these cases because they can reduce 
the injection gas/liquid ratio and increase the liquid production, even if the 
PI is small because they create a large drawdown that is constant throughout 
the cycle.

But the following operating difficulties might be encountered:

j The size of the port of the bleed valves (for the inside of the chamber 
and outer casing-chamber annulus) should be properly determined 
to vent without problem the formation gas between the perforations 
and the chamber and the gas that accumulates inside the chamber’s 
annulus.

j Even though they handle formation gas better than double-packer 
chambers do, formation gas might still create operating problems.

j They are not recommended for wells that produce sand (difficulty in 
pulling the completion or to perform wireline jobs).

j The completion is even more complex than double-packer chambers, 
thus the possibility of mechanical failure is increased.

Other types of inserted chambers are presented in Figs. 6.62–6.67, together 
with their advantages and disadvantages.

When the gas/liquid ratio is very large, it is better to install simple type 
accumulators (as that shown in Fig. 6.49), which have a smaller liquid 
volumetric capacity (compared with accumulation chambers) but they are 
capable of handling formation gas in a more efficient way. These simple 
accumulators present the following advantages:

j They can reduce the injection gas/liquid ratio and might increase liquid 
production if the PI is large.

j They are not as complex as double-packer or inserted chambers are and 
they are especially suitable for gassy wells.

But attention should be paid to the following points: 

j They have the lowest volumetric capacity compared to any type of 
accumulation chamber and, therefore, it might be difficult to increase 
the daily liquid production even if the PI is large.

j The inside diameter of the accumulator should not be too large because 
this might increase the liquid fallback losses while the liquids are being 
displaced by the injection gas inside the accumulator (for not reaching 
a suitable slug velocity due to the fact that the gas lift system might not 
be able to provide the required large instantaneous injection gas flow 
rate for large diameter tubing). The accumulator should be installed at 



49910.3  Types of completions for intermittent gas lift

about 100 ft. above the operating valve (a tubing diameter smaller than 
the accumulator diameter should be installed between the packer and 
the lower end of the accumulator). In this way, when the gas finally 
enters the accumulator, the liquid has already acquired a velocity that 
will minimize the large fallback losses that would be present if the gas 
is directly injected into the accumulator.

j Additionally, accumulators have the same problems explained earlier 
for accumulation chambers: if the diameter of the accumulator is too 
large, the liquid columns could be too long once all the liquids have 
entered the production tubing (which has a smaller diameter) above 
the accumulator. It is possible then that the injection pressure might 
not be large enough to lift these long liquid columns at a sufficiently 
large velocity to keep the liquid fallback losses at small values. Large 
liquid slugs can also open one or several of the upper unloading valves, 
decreasing in this way the lifting efficiency.

If, in addition to a large formation gas/liquid ratio, the well has a very long 
perforated interval or rat hole, it is recommended to install inserted accumu-
lators as shown in Fig. 6.70, which can handle formation gas much better 
than inserted accumulation chambers can. The advantages of inserted ac-
cumulators are:

j They can reduce the injection gas/liquid ratio.
j They can increase the liquid production, even in wells with low PI 

values because of the large drawdown they can achieve and maintain 
throughout the production cycle.

j The formation gas can be managed very well if the right design is 
installed in the well (as described later).

j This type of completion is not as complex as inserted chambers are. 
This reduces the possibility of mechanical failures.

But attention should be paid to the following points:

j The gas lift valve should be installed in the upper mandrel (right above 
the packer) and not in the lower one at the bottom of the accumulator, 
otherwise the friction pressure drop along the injection pipe (parallel 
to the accumulator) would make the gas lift valve close before the 
injection pressure in the well’s annulus (above the packer) have 
dropped to the necessary pressure to inject the required gas volume 
per cycle.

j The inside diameter of the accumulator should not be very large to 
avoid: (1) large fallback losses during the first stages of gas injection 
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into the accumulator (because of the high instantaneous gas flow rate 
that would be required); and (2) generating very long liquid columns 
when all the liquids have been displaced to the production tubing (of 
smaller diameter) above the packer. These large liquid columns could 
also open one or several of the upper unloading valves as they travel 
to the surface, decreasing in this way the efficiency of the lifting 
process.

j The upper bleed valve, also known as the “upper standing valve,” 
should be able to handle not just the formation gas flow rate, but the 
entire gas and liquid production of the well while the accumulator is 
being filled with liquids.

During the initial stages of the liquid column generation period at 
the bottom of the accumulator, the liquid enters the accumulator 
mainly through the lower standing valve. The annulus between 
the accumulator and the perforated casing acts as a gas–liquid 
separator. The formation gas tends to travel upwards to the upper 
standing valve while the liquids from the formation tend to travel 
downwards to the lower standing valve. Because the liquid that 
enters the accumulator contains very little gas, a small liquid 
column inside the accumulator is sufficient to close the lower 
standing valve (the liquids in the annulus do contain formation 
gas and, in consequence, the gradient is lighter in the annulus). 
From the moment the lower standing valve closes, the accumulator 
receives only the liquids that pass through the upper standing valve 
and drop to the bottom of the accumulator, eventually completely 
filling it with liquids to the top.

Finally, intermittent gas lift can be implemented in wells with dual paral-
lel strings. Details about this type of completion and design guidelines are 
given in Section 10.10.

10.4 DESCRIPTION OF PILOT VALVES
Pilot valves consist of two sections: the upper section determines the open-
ing and closing pressures of the valve and the lower section allows very high 
instantaneous gas flow rates from the annulus to the production tubing, see 
Fig. 10.6.

The way pilot valves operate allows its opening and closing pressures to 
be set at any value while the instantaneous gas flow rate through the valve 
is always kept at very high values. The closing element and the upper 
section area ratio control the opening and closing pressures of the valve, 
while the lower section is used to inject gas at the very high flow rates 
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that can be attained thanks to the large diameter of the lower port (main 
port) of the valve. The main port diameter is of constant value for a given 
valve model. The closing element could be a nitrogen-charged dome or a 
spring installed with a dome set at atmospheric pressure and filled with a 
protective liquid.

Only injection-pressure-operated pilot valves are focused on in this book 
because production-pressure-operated pilot valves are not very much in 
use nowadays in the oil industry. The main reason for not using produc-
tion-pressure-operated valves is because with this type of valve the cycle 
time is mainly controlled by the formation pressure and not so much by 
the injection pressure, thus it is difficult to set the cycle time at its opti-
mum value.

When the forces exerted by the production and injection pressures are great-
er than the force exerted by the spring or the nitrogen-charged dome pres-
sure, the upper section opens, exposing the upper face of the piston in the 
lower section of the valve to the large injection pressure. This makes the pis-
ton move downwards, allowing the injection gas to flow through the lower 
part of the pilot valve from the well’s annulus into the production tubing. 

■■ FIGURE 10.6 Injection-pressure-operated (IPO) pilot valve with check valve inside 
the piston’s bleed orifice. (a) Opened and (b) closed.
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The piston remains in the down position (the valve’s lower section open) as 
long as the upper section of the pilot valve is open. When the gas injection 
pressure in the well’s annulus drops to the valve’s closing pressure, the up-
per section of the valve closes and the high-pressure gas at the upper side of 
the piston is vented to the tubing through the piston’s longitudinal internal 
conduit. The pressure at the upper side of the piston becomes equal to the 
production pressure while the pressure underneath the piston continues to 
be large and almost equal to the injection pressure, making the piston move 
upwards so that the lower section of the pilot valve closes and the gas injec-
tion from the annulus to the tubing stops.

When the internal bleed orifice of the piston is plugged, the high-pressure 
gas trapped above the piston cannot be vented. As a consequence, the piston 
remains pushed down, gas injection into the well cannot be stopped, and 
the well might be left producing on continuous gas lift. When this happens, 
the gas flow rate into the production tubing could be very high, causing the 
annular injection pressure to drop to very low values.

The piston can also get stuck because solid particles might be trapped be-
tween the piston and the inside smooth walls of the cylinder on which the 
piston slides up and down. Sometimes, if the piston has an integral check 
valve in its bleed orifice, the piston stays open because the small ball of 
the piston’s internal check valve sticks to the seat of this check valve. This 
internal check valve allows the gas to flow from the top of the piston to-
wards the production tubing but not in the opposite direction. Because the 
orifice diameter through the piston is very small, the gas flow rate to the 
production tubing is negligible but sufficient to vent the pressure at the 
upper side of the piston when the upper section of the pilot valve closes. 
The other function of the internal check valve is to prevent liquids from 
entering the upper part of the piston. As it happens with check valves of 
single-element gas lift valves because the internal check valve is never her-
metically closed, the production pressure is transmitted to the upper side 
of the piston. The production pressure increases as the liquid slug is being 
generated at the bottom of the production tubing above the pilot valve and 
this pressure (in combination with the injection pressure) contributes to the 
opening of the pilot valve. The check valve inside the piston is shown in 
Fig. 10.7.

Most commercially available pilot valves do not have the check valve inside 
the piston as shown in Fig. 10.7; instead, a standard check valve is usually 
installed at the nose of the valve just as it is found in single-element valves. 
In this case, the piston only has an internal longitudinal bleed conduit 

■■ FIGURE 10.7 Check valve inside the 
piston at the lower part of the pilot valve.
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without the check valve. The reason why some valves have the check valve 
incorporated inside the piston is to reduce, as much as possible, the restric-
tions to the gas flow through the pilot valve.

The equations for the opening and closing pressures of the upper section of 
a pilot valve are the same as those for a single-element gas lift valve. These 
equations are very precise when calculating the opening pressure of a pilot 
valve, but not very useful for the pilot valve’s closing pressure: Nitrogen-
charged, IPO, pilot valves tend to close at a pressure below the closing pres-
sure predicted by valve mechanic equations (known here as the theoretical 
closing pressure). This is due to the fact that the high gas flow rate through 
the pilot valve cools the nitrogen and, in consequence, the valve’s closing 
pressure decreases. Spring-loaded, IPO pilot valves, on the other hand, tend  
to close at pressures higher than the theoretical closing pressure. This is  
due to dynamic effects caused by the very high instantaneous gas flow rates 
that take place through the pilot valve’s lower section once it opens. Chang-
es in the closing pressure greatly affect the volume of gas injected per cycle, 
even though these changes appear to be very small. For example, a spring-
loaded valve that in theory opens at 830 psi and closes at 800 psi, could in 
reality have an opening pressure of 830 psi and a closing pressure of 815 psi. 
The change in the injection closing pressure from 800 to 815 psi is less than 
2% of its absolute value; but, the spread of the injection pressure goes from 
30 to 15 psi, which is 50% less than its expected value. This would cause a 
reduction in the volume of gas injected per cycle of approximately 50% if 
the well is on choke-control intermittent gas lift.

Experimental observations have confirmed the fact that spring-loaded gas 
lift pilot valves tend to close at injection closing pressures that are higher 
than their theoretical values. The theoretical closing pressure can only be 
obtained under static conditions (very low flow rate at the test rack). The 
static closing pressure of a spring-loaded valve is measured at the shop 
and it is called “test-rack closing pressure.” For a given injection pressure 
(or valve’s upstream pressure), the dynamic closing pressure behavior de-
pends on the production pressure (or valve’s downstream pressure) and the 
valve’s area ratio. As the production pressure decreases, the deviation of 
the dynamic closing pressure with respect to its theoretical value increases, 
until critical flow is reached, at which point this deviation stays constant 
and independent of the production pressure value. It has also been found 
that as the area ratio of the upper section of the pilot valve increases, the 
deviation of the dynamic closing pressure increases. The expression found 
by Milano (1999) to determine the dynamic closing pressure of the valve 
is given by Eq. 8.19.



504 CHAPTER 10 Design of intermittent gas lift installations 

Fig. 10.8 shows what happens when the actual closing pressure is greater 
than its theoretical value and the injection gas flow rate through the surface 
choke is kept constant: (1) the cycle time is shorter, and (2) the opening 
pressure is slightly higher (because the liquid column, which also contrib-
utes in the opening of the valve, is not as long as it would be if the cycle 
time was longer, thus an additional increment in the gas injection pressure 
is needed to open the valve). The volume of gas injected per cycle might 
be considerably reduced and this could cause an increase in the fallback 
losses.

It is better to use 1.5-in. OD (outside diameter) pilot valves than 1-in. 
OD pilot valves:

j 1.5-in. OD pilot valves can last for a greater number of cycles without 
failures. Under normal operational conditions, a 1.5-in. valve should be 
able to operate for several dozens of thousands of cycles.

j Additionally, 1.5-in. OD pilot valves have main port diameters as 
large as 48/64 in., while 1-in. OD pilot valves have port diameters of 
only 32/64 in. at the most. It is recommended to have large main port 
diameters to provide the very high instantaneous gas flow rates needed 
for intermittent gas lift.

j On the other hand, for a given seat diameter of the upper section of a 
pilot valve, 1-in. OD pilot valves have a larger area ratio than the 1.5-
in. OD valves do because 1.5-in.OD valves have larger bellows area. In 
this way, 1.5-in. valves have area ratios that can go from very small to 
very large values, while 1-in. OD valves have minimum area ratios that 
might still be too large for certain operational conditions. The spread 
of the valve is directly proportional to the area ratio of the pilot valve’s 
upper section. The spread of the valve determines the volume of gas 
injected per cycle for wells on choke-control intermittent gas lift.  
If the well has small-diameter production tubing or the casing diameter 

■■ FIGURE 10.8 Effect of the dynamic closing pressure (“d” stands for “dynamic” and “S” 
stands for “static”).
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is very large, the required spread of the valve might be very small. It 
could be possible that a 1-in. OD pilot valve, even with the smallest 
area ratio available, will show a spread that might still be larger than 
that required to inject the necessary volume of gas per cycle, thus the 
well ends up being overinjected. One way of reducing the spread of 
the valve in those situations is to set the pilot valve’s opening pressure 
at a lower value because the spread is also directly proportional to the 
valve’s calibration pressure. But this reduction should be done with 
care to keep the liquid slug velocity at a value high enough to be able 
to lift the slug to the surface with minimum liquid fallback losses.

Pilot valves are more expensive and complex to manufacture and operate 
than single-element valves. For this reason, it is highly advisable to keep 
the injection gas clean, free of solid particles or liquids: this simple main-
tenance action will eliminate most of the operational failures these valves 
have under tough operational conditions.

In general, the different failures gas lift pilot valves exhibit can be catego-
rized as follows:

Failures of metallic components, such as (from more to less frequent)
j Erosion of the seat of the upper section (this does not happen too 

often in conical-shaped seats, but it can happen in straight-edge 
seats).

j Flat bellows: it is highly possible that spring-charged valves will 
remain closed in this case but for nitrogen-charged valves it is not 
easy to predict the behavior of a valve with bellows that has failed.

Failures of nonmetallic components
The ring seals of the piston could present serious problems 
if fabricated with materials different from the manufacturer’s 
specifications or if solid particles are trapped between these rings 
and the inside smooth surface on which the piston moves. When 
the piston gets stuck, its final position might allow from very low 
to very high and continuous gas flow rates (if the check valve is 
an integral part of the piston, the communication tests that are 
explained in chapter: Continuous Gas Lift Troubleshooting will 
give the same results as if there was a hole in the tubing and liquids 
can go from the tubing into the annulus). However, solid particles 
might not completely keep the piston from moving and the piston 
could move in an unpredictable way, causing an erratic behavior 
of the gas injection: sometimes the piston closes and other times 
it does not, or the piston movement changes from one cycle to the 
other, etc.



506 CHAPTER 10 Design of intermittent gas lift installations 

Another type of failure happens if the seat of the piston’s internal 
check valve is not properly vitrified (for pilot valves in which the 
check valve is an integral part of the piston), the ball might stick 
to the seat so the high-pressure gas on top of the piston cannot be 
vented to the production tubing, leaving the pilot valve open on 
continuous gas lift with a very high flow rate and a very low gas 
injection pressure in the well’s annulus. A communication test 
will give the same results that are obtained when there is a hole in 
the production tubing and liquids can go from the tubing into the 
annulus, unless at the same time: (1) the bellows has failed and 
the upper part of the piston was left at a low pressure, or (2) dirt of 
some kind between the ball and the seat of the pilot section of the 
valve (upper part of the pilot valve) keeps the pilot valve open.

Operational failures caused by solid particles carried with the injection gas

The upper section of the pilot valve remains open because of 
trash or solids have accumulated between the stem and the seat. 
This failure can be easily solved by venting the well’s annulus 
without having to pull the valve out of the well. Independently 
of the type of check valve (if it is an integral part of the piston or 
not) communication tests will not point to a hole in the tubing and 
liquids cannot flow from the tubing into the annulus (even with the 
piston’s internal longitudinal orifice plugged). To avoid the entrance 
of large solid particles into the upper section of the valve, the 
upper entrance ports of the valve are numerous but very small in 
diameter; after all, these orifices are only necessary to transmit the 
annular injection pressure to the upper part of the valve and they do 
not have to allow a very large gas flow rate through them.

A second type of failure takes place when the piston of the lower part 
of the valve stays open because its internal longitudinal bleed orifice 
is plugged with solid particles. If the check valve is an integral part 
of the piston, this case is identical to the failure explained earlier, in 
which the ball of the check valve sticks to its seat. If the check valve 
is not an integral part of the piston, a communication test will not 
indicate a hole in the tubing, which leads the operator to just replace 
the pilot valve (if venting the casing does not solve the problem).

When a single-element valve (or a pilot valve with its internal check valve at 
the nose of the valve and not inside the piston) fails open, the communica-
tion tests that are presented in chapter: Continuous Gas Lift Troubleshoot-
ing will indicate that the failure is due to a damaged gas lift valve and not 
to a hole in the production tubing. This is because the check valve is always 
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located just above the nose of the valve and it will not allow gas or liquid 
flow from the tubing into the casing–tubing annulus. However, as indicated 
earlier, for a pilot valve with its check valve inside the piston, the final be-
havior of the pilot valve depends on the type of failure and the analysis of 
the results from a communication test is not straight forward.

10.5 TYPES OF CONTROL OF THE SURFACE  
GAS INJECTION
As it has already been pointed out, there are two different ways of control-
ling the gas injection at the surface of a well on intermittent gas lift.

j Setting the surface gas flow rate at a constant and continuous value by 
using a surface choke in the gas injection line or, instead of this choke, 
a control valve set to pass also a constant and continuous value of the 
injection gas flow rate. This is called “choke-control intermittent gas lift.”

j Controlling the surface gas injection with the use of an automatic 
surface flow control valve, also known as “intermitter.” The intermitter 
will remain open or close at predetermined time intervals that can be 
independently set.

Fig. 10.9 shows typical wellhead pressure patterns of the surface injection 
pressure for each type of gas injection control.

When the control at the surface is carried out by a choke or a needle valve 
(choke control) the surface gas flow rate is usually very low. When the sub-
surface pilot valve opens, the injection pressure drops because the instan-
taneous gas flow rate through the gas lift valve is much greater than the gas 
flow rate into the annulus at the surface.

■■ FIGURE 10.9 Typical surface injection pressure pattern, depending on the type of the surface 
control of the gas injection. (a) Constant surface gas flow rate. Injection controlled by a choke or a surface needle 
valve and (b) use of surface intermitters.
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The choke (or adjustable needle valve) is usually installed at the injection 
manifold to take advantage of centralized operations and to use the gas in-
jection line as an additional high-pressure gas storage volume, unless the 
casing diameter is so large that the choke needs to be installed as close as 
possible to the wellhead to limit the volume of gas injected per cycle.

Choke-control intermittent gas lift has the following advantages:

j It allows intermittent and continuous gas lift to coexist because the 
high-pressure system is maintained very stable.

j It requires less surface equipment to operate, which means lower 
maintenance costs and supervising efforts.

j Many wells can intermit at the same time without affecting the pressure 
at the injection manifold.

j Small diameter injection lines can be used because the surface gas flow 
rate is very small.

j The well’s annulus is used as a high-pressure-gas-storage volume, 
from which most of the gas injected per cycle comes from. This is very 
important in gas lift fields with a limited compression capacity.

The major disadvantage found in choke-control intermittent gas lift is its in-
ability to control the volume of gas injected per cycle. Once the pilot valve 
is installed downhole, the volume of gas injected per cycle depends on the 
downhole gas lift valve’s opening and closing pressures. These pressures 
remain pretty much constant because their values are determined mainly by 
the valve’s area ratio and calibration pressure. If the surface gas flow rate 
is changed, the cycle time and the total volume of gas injected daily also 
change, but the volume of gas injected per cycle changes very little and it is 
this volume that really determines the injection gas/liquid ratio. If, for ex-
ample, the surface gas flow rate is increased, the cycle time becomes shorter 
and the gas lift valve tends to open at a slightly higher pressure because the 
liquid columns are smaller and have less influence on the valve’s opening 
pressure (so a higher injection pressure is required to open the valve). But 
IPO pilot valves respond mainly to the injection pressure, so that this change 
in the injection opening pressure is very small (and so is the volume of gas 
injected per cycle then). If the surface gas injection flow rate is reduced, the 
cycle time becomes longer and the gas lift valve tends to open at a slightly 
lower pressure because the liquid columns are now larger and have more 
influence on the opening pressure, but this reduction of the injection open-
ing pressure is also very small, thus the volume of gas injected per cycle 
remains almost unchanged.

As indicated at the beginning of the chapter, the cycle time must be as close 
as possible to the OCT to maximize the daily liquid production of the well. 



50910.5  Types of control of the surface gas injection 

Any change in the cycle time away from this optimum value will cause a 
drop in the daily production. The volume of gas injected per cycle would 
remain about the same if the changes in the cycle time are not too far away 
from its optimum value. For this reason, the selection of the gas lift pilot 
valve’s area ratio is very important for choke-control intermittent gas lift 
and should be done with great care.

Trying to optimize the volume of gas injected per cycle is difficult for choke-
control intermittent gas lift because of the following reasons:

j The exact volume of gas the well needs per cycle cannot be theoretically 
determined to a high degree of accuracy. This is because it is difficult 
to predict the behavior of a well on intermittent gas lift by means of 
mathematical models. The only way of knowing the exact required 
volume of gas injected per cycle is by the use of a field optimization 
procedure that necessarily involves the use of surface intermitters.

j Pilot valves exhibit a dynamic behavior that deviates from the 
theoretical predictions using static force balance equations. The spread 
of a valve under any operational condition is very difficult to predict. 
The model developed by Milano (1999) can be used to predict the 
spread of the valve but additional tests with other valve models and 
types, as well as a wide variety of operational conditions, are needed. It 
was stated in the previous section that spring-loaded, IPO pilot valves 
tend to close at pressures higher than expected, while nitrogen-charged 
valves behave in the opposite way because of the cooling effect of the 
large gas flow rate through the pilot valves once they open. Both of 
these deviations are hard to predict.

j Operational conditions, such as water cut and reservoir pressure, are 
constantly changing. To adapt to each change is easy only if surface 
intermitters are used.

Another disadvantage of having a well on choke control takes place when 
the injection gas has a water content that is high enough to cause hydrate 
formation due to gas expansion at the surface choke. With choke control, 
the required surface gas flow rate is sometimes very small and the choke 
diameter might need to be very small, causing large pressure drops through 
the choke, creating a cooling effect that promotes hydrate formation. De-
pending on the severity of the problem, one or several of the following steps 
could be taken to reduce or eliminate the problem:

j Set the pilot valve’s opening pressure at a very large value (keeping in 
mind that opening an upper unloading valve should be prevented). In 
this way, the pressure drop across the surface choke is reduced and the 
choke’s diameter does not need to be very small.
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j Install dehydration units (but they are expensive and only justified if 
the problem affects a great number of wells throughout the year).

j Install gas heaters or keep the gas from going through the gas cooler 
downstream of the compressor.

j Place the choke as close as possible to the compressor, where the gas is 
still warm (suitable for very small gas lift systems).

j Install a heat exchanger at the choke to warm up the gas.
j Inject methanol or glycol to lower the hydrate formation temperature.
j Install water traps at low points in the injection gas lines.

Hydrate formation is a very serious issue in gas lift fields and it is discussed 
in more detail in chapters: Gas Properties and Continuous Gas Lift Trouble-
shooting.

Chokes are also affected by liquids carried by the injection gas. Even in the 
absence of hydrates, liquids of any kind could make the injection gas flow 
rate fluctuate in an erratic way, increase the pressure drop in gas injection 
lines, and make it difficult to measure the gas flow rate.

Another important disadvantage of choke-control intermittent gas lift is the 
inability to control the exact time the well will intermit. It is possible to have 
several wells intermitting at the same time, causing problems at the separa-
tor if it is not capable of handling the sudden increase in gas and liquid flow 
rates. If the gas lift system is very small, the sudden increase in gas flow into 
the low-pressure lines that go to the suction of compressor might make it 
necessary to vent some of this gas to maintain the compressor suction pres-
sure as constant as it is usually required.

When the gas lift field is very large, with a large number of wells, the prob-
lem outlined in the previous paragraph is not present and it becomes practi-
cal to produce the wells on choke control instead of having to install a great 
number of surface intermitters. However, in very small gas lift systems in 
general, or in wells with casing diameters very small or very large, or in a 
special completion that needs to be accurately evaluated, the use of surface 
controller is very convenient. When the well operates with the help of a 
surface controller, the volume of gas injected per cycle and the total cycle 
time can be adjusted from the surface and independently of each other. It is 
only necessary to calibrate the subsurface gas lift valves in an appropriate 
way (as it is shown in the next section) to take full advantage of the surface 
controller to regulate the volume of gas injected per cycle.

The use of surface controller does not mean that pilot valves are no longer 
needed. In fact, it is very important to combine surface controllers with the 
appropriate subsurface pilot valve. Single-element valves require very large 
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area ratios to achieve the high injection gas flow rates into the tubing that are 
needed in intermittent gas lift. This might limit the main advantage of using 
surface controller, which is to be able to adjust the volume of gas injected 
per cycle for a wide variety of values, from very small to very large volumes. 
The area ratio of the pilot valve used in conjunction with a surface intermit-
ter should be equal to approximately 70% the value of the area ratio needed 
if the well was on choke control. This would allow an effective control of 
the volume of gas injected per cycle in case the actual volume needed turns 
out to be below the expected value. If, on the other hand, a larger volume of 
gas needs to be injected per cycle, the surface intermitter will simply need 
to remain open for a longer period of time.

Referring to Fig. 10.9b, during the time the liquid column is being 
generated above the pilot valve, the controller and the pilot valve are 
closed, thus the annular injection pressure remains constant.

After a predetermined period of time, the surface controller opens, 
allowing the flow of gas into the annulus at a very high flow rate. This 
makes the injection pressure increase very fast to reach the pilot valve 
opening injection pressure. When the pilot valve opens, if the design 
was properly made, the injection pressure should continue to increase 
(most of the time it will indeed increase but at a lower rate). In order 
for this continuous increase of the injection pressure to be attained, the 
gas flow rate through the gas lift valve should be lower than the gas 
flow rate injected at the surface through the intermitter. If both flow 
rates are similar, the time required to pass the volume of gas needed 
per cycle could be very long, affecting the efficiency of the lifting 
method, especially if the well requires a high injection frequency.

If the gas flow rate at the surface is lower than the gas flow rate 
through the gas lift valve, the pilot valve might open and close several 
times while the surface controller is opened. This could damage the 
pilot valve and increase the liquid fallback losses. This is why it is 
important not to have any gas flow restriction along the gas injection 
line (such as a small orifice plate). If the well was on choke control 
prior to the installation of the intermitter, it is also important to remove 
the choke or the needle valve (that was used to control the injection 
flow rate) to reduce any restriction to the gas flow once the intermitter 
opens. However, there are situations in which it is acceptable, if not 
required, to use the intermitter in conjunction with a surface choke. If, 
for example, the volume of the well’s annulus is very small (shallow 
well with small diameter casing), a choke in series with the intermitter 
might be required to prevent the injection pressure from increasing 
extremely fast and way above the gas lift valve opening pressure.
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After a predetermined period of time, the surface controller should 
close. Then because the subsurface valve is still opened, the annular 
pressure drops very fast due to the high flow rate the pilot valve can 
allow, until reaching the pilot valve’s closing pressure. At this point, 
the pilot valve closes and a new cycle begins.

Once the intermitter closes, it is important that the injection pressure be 
able to drop as fast as possible because this would allow moving on to 
the liquid column regeneration period without having to wait for a long 
time. This is another good reason for having a pilot valve installed at 
the point of injection.

It is important that not too many surface controllers (or intermitters) in a 
single injection manifold open at the same time because this will cause 
problems: (1) at the separator if its gas or liquid handling capacity if sur-
passed, or (2) at the compressor if its suction pressure increases above its 
required value. Additionally, if several intermitters open at the same time, 
the injection pressure at the manifold could drop and, as a result, the gas 
flow rate that goes to each well might decrease. The injection pressure could 
then be so low that one, or several, of the wells intermitting at the same time 
might not reach their respective pilot valves’ opening pressures and one or 
more cycles might be skipped before finally being able to open the affected 
subsurface pilot valves. But these problems are easily solved by installing a 
control system that would prevent more than a certain number of wells from 
intermitting at the same time.

The great disadvantage of using surface injection controllers or intermitters, 
especially in large gas lift systems, is the increase in maintenance costs and 
the extra attention these controllers require from the operation personnel.

In the great majority of cases, it is better to install these intermitters at the well-
head (or close to it) and not at the injection manifold. In this way, the efficiency 
of the intermittent gas lift method could be improved. When the intermitter is 
away from the well, the injection line and the annulus need to be pressurized. 
If the injection line is very long or has a very large diameter, the increase in the 
injection pressure takes place at a lower rate.

When the intermitter opens, the instantaneous surface gas flow rate is very 
high. It is important that the orifice plate’s diameter and the range of the dif-
ferential and absolute pressure sensors be properly selected so that the gas 
flow rate can be measured at all times. It is not uncommon to find pressure 
sensors with their maximum possible readings being less than the required 
value: the pen of the differential pressure recorder reaches the top of the 
scale and stays at that value for as long as the intermitter remains opened, 
making it impossible to calculate the actual gas flow rate.
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The surface controller or intermitter can be used in several ways and not just 
opening and closing at predetermined time intervals. For example, when 
the system pressure fluctuates too much, the controller can be set to open 
at predetermined time intervals, but it closes only when the annular injec-
tion pressure reaches a given value. In this way, the total cycle time does 
not change, but the intermitter remains open until the desired maximum 
injection pressure is reached to make sure that the pilot valve opens at each 
cycle. This operation requires a pressure signal to be sent to an electronic or 
pneumatic controller, which in turn must have an algorithm or the necessary 
mechanical means to control the gas injection into the well.

Another example of using surface intermitters with intelligent control sys-
tems is the one usually installed in wells with very small annular volumes. 
In these wells, the increase in injection pressure can happen very fast and 
it could reach very high values that might open one or several unloading 
valves. In this case, the opening and closing operation of the intermitter can 
be controlled based on time only but an automatic pressure control system 
must be used to maintain the injection pressure at values less than a given 
maximum pressure while the controller is opened.

Another alternative, previously mentioned, that can be used when the 
annular volume is very small or the system pressure is very large, is to 
install a choke in series with the intermitter in the injection gas line. With 
this arrangement, the gas flow rate is kept at a lower, and more adequate, 
value to avoid opening an unloading valve. The choke must be designed 
such that the injection gas flow rate is not very high, but it should still be 
higher than the gas flow rate through the pilot valve at the point of injec-
tion. As indicated earlier, if the choke is too small, the pilot valve could 
open and close several times while the intermitter is opened (as shown 
in Fig. 12.26).

One way of combining the advantages of choke control and the use of sur-
face intermitters at the same time is by the implementation of a control 
system capable of carrying out the following actions (Fig. 10.10):

j At the beginning of the cycle, while the liquid column is being 
generated at the bottom of the well, the surface controller allows 
only a very low gas flow rate into the annulus. In consequence, the 
injection annular pressure is slowly increasing because at this time the 
subsurface gas lift valve is closed.

j When the injection pressure is close enough to the pilot valve’s 
injection opening pressure, the surface intermitter should close. The 
annular injection pressure then remains constant because the gas in the 
annulus is trapped.
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j A given time interval after the intermitter has closed, the intermitter is 
then fully opened to pass a very high gas flow rate into the annulus for 
another predetermined period of time, in which the annular pressure 
increases very rapidly; but almost immediately, the subsurface pilot 
valve opens and gas is injected into the production tubing.

j When the annular pressure reaches its maximum value, the intermitter 
partially closes, allowing a very low gas flow rate into the annulus, so 
the injection pressure drops and the pilot valve closes to begin another 
liquid column generation period, in which the annular pressure is again 
increasing very slowly.

In this way, the impact on the high-pressure side of the gas lift system is 
minimized because most of the gas injected into the tubing at each cycle 
comes from the gas previously accumulated in the annulus and not from the 
high gas flow rate provided by the intermitter every time it opens. On the 
other hand, the advantages of surface intermitters are still present because 
the total cycle time and the volume of gas injected per cycle are set indepen-
dently of one another.

Several surface injection pressure patterns that reveal possible operational 
failures are presented in chapter: Intermittent Gas Lift Troubleshooting: (1) 
inappropriate settings of the closing and opening time intervals, (2) differ-
ent types of failures of the intermitter, and (3) problems with the integrity 
of the completion, such as holes in the production tubing or leaking gas lift 
valves, etc.

Automation is frequently used in continuous gas lift to control the injection 
gas flow rate at a given set point. This type of control system can be used in 

■■ FIGURE 10.10 Typical surface injection pressure pattern with intelligent control of 
the gas injection flow rate.
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choke-control intermittent gas lift (by having the set point of the gas flow 
rate adjusted and controlled at the low level that is usually required) with the 
following advantages:

j The cycle time will not change if the gas lift system pressure changes. 
Without a gas flow rate control system, if the pressure at the manifold 
increases the cycle time decreases and vice versa.

j If a very low gas flow rate is required because, for example, the 
well needs a very long cycle time, there might be hydrate formation 
problems or the choke (or, if used, the control valve at a fixed position) 
could plug with solid particles carried by the injection gas. This makes 
the gas flow rate decrease; however, if a flow control system is used, 
the valve will tend to open because the control system will try to 
maintain a constant gas flow rate, with the end result of getting rid of 
the hydrates or solid particles that have accumulated.

Automatic controllers, or intermitters, can fail for several reasons; some of 
them are presented in the following paragraphs.

j Sometimes the same needle valves that are used to control the gas flow 
rate on continuous gas lift are set to function as “on–off” or “open/
close” valves with the use of a control algorithm to act as a surface 
controller or intermitter:
❏ There is nothing wrong with using this type of valves for 

intermittent gas lift, as long as: (1) these valves are able to open 
and close many times without presenting mechanical failures 
for a reasonably long period of time, b) they do not restrict the 
injection gas flow to values less than the maximum required gas 
flow rate when they open, and (3) they can completely stop the gas 
flow when they close. The continuous closing and opening of the 
valve should not cause any kind of damage to the seat by either 
mechanical actions or by erosion caused by solid particles traveling 
with the injection gas (cut or eroded seats will leak gas when the 
valve is in the close position).

❏ Regarding the restriction to the gas flow, in many occasions these 
valves could be adapted to intermittent gas lift by simply changing 
their internal components. While in continuous gas lift operation, 
these valves have seats diameter of values usually equal to ¼, ½, or 
¾ in., among others. For example, ¼-in. valves could be adapted 
to intermittent gas lift applications (in which very high flow rates 
are required) by simply changing their internal components. When 
the annulus is very small (shallow well and small casing diameter) 
it might be possible that the smallest seat size available is the most 
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appropriate one to operate the well on intermittent gas lift to avoid 
opening an unloading valve. Additionally, the internal components 
can be changed so that a needle valve becomes a ball valve.

❏ Without automation, the needle valves that are used to control 
the injection gas flow rate in continuous gas lift are set at a given 
opening. When the manifold is automated, the same valves are used 
but with electrical actuators installed on top of the valves to move 
the stem position according to a given control system in place. The 
electrical actuator responds to signals from 4 to 20  mAmp or to 
digital signals. The complete set (valve, actuator, and controller) is 
usually very compact and occupies a small space at the manifold. 
The following are some of the most frequent failures found in this 
type of arrangement: (1) Wrong calibration of the stem actuator: 
The valve does not fully open or close (it passes gas when it should 
be completely closed or the maximum gas flow rate is not attained 
because it does not fully open); (2) Erosion of the seat can cause 
gas leaks when the valve is supposed to be closed (these needle 
valves require special materials to withstand intermittent gas lift 
operation); (3) Rupture of the coupling mechanism between the 
stem and the actuator; and (4) The stem of the valve sometimes gets 
stuck at one position (usually caused by solid particles in the gas 
flow or by incompatibility of the materials of the moving parts in 
contact).

❏ The materials the valve is made out of must be adequate so that it 
does not easily wear out. The threads of the actuator and the stem 
must have the proper geometry to withstand constant movement, 
high working pressures, and dirt that can accumulate in them. 
Most of these failures can be eliminated if the actuator is properly 
calibrated, the right compatible materials are used for the moving 
parts in contact, and the injection gas is filtered to get rid of solid 
particles that might be traveling with it.

j The use of pneumatic “open/close” valves, instead of the electrically 
actuated valves described earlier, are more appropriate for intermittent 
gas lift applications, but they are not free of operational problems:
❏ These valves are usually bigger and they could be hard to install at 

injection manifolds with limited space available for that purpose.
❏ Solid particles in the gas that is used by the pneumatic valve’s 

controller, could originate problems to operate these pneumatic 
“open/close” valves:
- The gas that is used to provide pressure to the motor section 

of the pneumatic valve (or intermitter), to open or close it, is 
usually the same gas that is used for gas lift. This gas is taken 
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from the gas injection line that goes from the injection manifold 
to the wellhead. Because the injection gas pressure is usually 
above 1000 psig, two pressure regulators are used to drop the 
pressure to the level needed by the valve’s control system, 
which is usually equal to 15 or 30 psig. The first pressure 
regulator drops the pressure to 100 or 150 psig and the second 
pressure regulator drops it to the level required by the electronic 
controller installed between the second pressure regulator and 
motor section of the pneumatic valve. This controller sets the 
inlet or outlet pressures of the gas that opens or closes the valve. 
Between the first and the second pressure regulators, a liquid 
trap is usually installed to remove any liquid that condensates 
due to the expansion of the gas at the exit of the first pressure 
regulator.

- Typical problems of the arrangement explained in the last 
paragraph are: (1) the electronic controller stops working 
because the battery runs out; (2) dirt traveling with the injection 
gas plugs the gas inlet of the valve’s control mechanism so 
that it remains all the time opened or closed; and (3) hydrate 
formation or excessive liquid condensation due to the expansion 
of the gas from more than 1000 psig to less than 30 psig.

- The problem caused by the dirt carried with the lift gas can be 
eliminated by connecting the instrumentation gas intake pipe 
to the gas injection line (that comes from the gas injection 
manifold) several feet upstream of the pneumatic valve. The 
connection of the instrumentation pipe intake should be done 
at the top of the gas injection line that goes to the well. A small 
high-pressure container (usually a pipe of certain length) should 
be installed between the instrumentation gas intake and the first 
pressure regulator.

If an intermitter, electric or pneumatic, fails for any reason, one of the follow-
ing alternatives could take place. (1) No gas is injected to the well because 
the intermitter is always closed, (2) a very high gas flow rate is injected into 
the well because the intermitter remains open all the time, or (3) the injection 
gas flow rate to the well could be very low, possibly causing hydrate forma-
tion problems. In all of these cases, it is important to have an early warning 
system to be able to correct the problem as soon as possible.

The personnel involved in the operation of these control valves should be 
trained so that they can properly operate and maintain these valves. This re-
quires training, not only for the optimization team, but also for: field opera-
tors, electrical and mechanical maintenance crews, well test personnel, etc.
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10.6 INTERMITTENT GAS LIFT DESIGN FOR SIMPLE 
TYPE COMPLETIONS
Designing a well with a simple type completion like the example shown in 
Fig. 10.1 consists of:

j Finding the depths, calibration pressures, and seat diameters of the 
unloading valves. It is recommended to use single-element, IPO, gas 
lift valves to unload the well. These valves should be calibrated with 
an injection opening pressure as high as possible so that none of them 
will open as the liquid slug travels towards the surface. This is why it 
is recommended to use as few unloading valves as possible, starting 
with the one closest to and above the static liquid level. The unloading 
process should be performed on continuous flow. The well should be 
unloaded on intermittent gas lift only in cases with limited compression 
capacity to establish continuous gas lift.

j Finding the depth, calibration pressure, and area ratio of the operating 
valve. It is recommended to use pilot valves at the point of injection for 
the reasons given in Section 10.2.

The procedures described for continuous gas lift should be used to deter-
mine the depths and calibrations of the single-element, IPO, unloading 
valves. This is recommended because it is far more practical to unload the 
well on continuous gas lift. Unloading the well on intermittent gas lift would 
require the use of appropriate valves for that purpose: It is expensive to 
install pilot valves to be used only as unloading valves. On the other hand, 
single-element valves are not adequate for intermittent gas lift.

As indicated earlier, unloading the well on intermittent gas lift is only justi-
fied when the compressor cannot provide the gas flow rate needed for con-
tinuous gas lift operation and, in consequence, the well’s annulus should be 
used as a high-pressure gas storage volume to inject the accumulated gas at 
finite time intervals. This might be the only way for the compression system 
to increase the injection pressure to unload the well. This situation is not 
very common because wells that are good candidates for intermittent gas lift 
are usually low liquid producers that do not require high injection gas flow 
rates during the unloading process.

Wells are shifted from continuous to intermittent gas lift to reduce the in-
jection gas/liquid ratio. Usually, good candidates for intermittent gas lift 
have been producing on continuous gas lift and the gas lift mandrels are 
already installed in the production tubing. In these cases, it is recommended 
to simply use the redesign techniques for continuous gas lift given in chap-
ter: Design of Continuous Gas Lift Installations to determine the depths 
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and calibrations of the unloading valves. However, as already indicated, the 
calibration pressures should be high enough so that the unloading valves do 
not open as the liquid slug reaches the depth of each of these valves once 
the well has been unloaded and it is producing on intermittent gas lift with 
the pilot valve as the point of injection. The unloading valves’ calibration 
pressures should also be higher than usual because it is advisable to have a 
wide range of available operating injection pressures to be able to perform 
the iterations in the liquid slug velocity needed during the design calculation 
process of the operating valve: if the calculated slug velocity is too low, the 
injection pressure must be increased, and vice versa. It is necessary then to 
have this wide range of operating injection pressures to select the one best 
suited for the particular operational conditions of the well. This operating 
pressure could have values from very low to very high and the right pressure 
is the one that can lift the liquid slug at the most appropriate slug velocity to 
minimize the liquid fallback losses.

As it will be shown in this section, the design process of the operating valve 
determines the size of the liquid columns to be lifted. It is recommended 
then to verify the calibration of the unloading valves right after the operat-
ing valve has been designed to make sure that these unloading valves will 
not open during the normal operation of the well. Usually, in simple type 
completions, the liquid slugs are not long enough to make the unloading 
valves open. On the other hand, liquid slugs are usually long in wells with 
accumulation chambers and it is important to always verify if the unloading 
valves could open in this type of completion.

The unloading process of the well, just before reaching the operating (pilot) 
valve, should be carried out following the recommendations for unloading 
the well on continuous gas lift. But, once the pilot valve is uncovered and 
the well is set to operate on choke-control intermittent lift, it is important to 
keep in mind that the size of the first slugs to be lifted could be much larger 
than the size of the slugs under normal operating conditions for which the 
operating pilot valve has been designed. Because the first liquid slugs could 
be very large, it is possible that the opening pressure of the pilot valve 
at this time would be much lower than the one it would have under nor-
mal operating conditions. This happens because the high tubing pressure 
at valve’s depth also tries to open the pilot valve and, in consequence, the 
opening injection pressure (when the valve is uncovered) does not need to 
be as high as the design opening pressure to open the valve. However, the 
“closing” injection pressure of the valve does not change if it is spring-
loaded, or changes very little in case of nitrogen-charged valves because 
the low volumes of gas injected per cycle are not sufficient to significantly 
cool the valve. As a consequence of this low opening pressure, the spread 
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of the valve (which is defined as the difference between the opening and 
closing pressure of a gas lift valve in operation) could be considerably re-
duced at the beginning of the operation of the pilot valve and the volume 
of gas injected per cycle might be much lower than the required volume. 
This is an important factor to consider when the well is on “choke” control 
intermittent gas lift.

In the great majority of cases, the first slugs that reach the surface (just after 
the pilot valve is uncovered during the unloading operation) are very small 
(due to the large liquid fallback losses caused by the small spread of the 
pilot valve indicated in the previous paragraph) but, as the unloading opera-
tion proceeds, they become larger and the volume of gas injected per cycle 
increases because the spread of the valve is also increasing due to the lower 
bottomhole production flowing pressures that are progressively achieved. 
But this is not always the case and it is some times possible that because 
of the high liquid fallback losses, the well stays indefinitely producing very 
small liquid slugs or with no production at all. This could take place when 
the well is a very good producer, capable of generating large liquid columns 
very fast, or in cases in which the production tubing has a very large inside 
diameter and the gas lift system is not capable of supplying the very high 
instantaneous gas flow rate through the pilot valve that are needed to lift 
the liquid slug at an acceptable velocity (which should be high enough to 
reduce the liquid fallback losses). In these situations, the surface gas injec-
tion flow rate should be temporarily increased, so that the cycle frequency is 
increased and no time is given for large liquid columns to accumulate above 
the pilot valve. Once the spread of the valve has stabilized at a greater value, 
the surface gas flow rate can be reduced to its design value and the well is 
left operating under these conditions but under observation. If the well be-
gins to load up with liquids again, it is recommended to install a pilot valve 
with a larger area ratio, which allows a larger volume of gas per cycle while 
maintaining the cycle time at its optimum value. If the valve is not replaced 
and the well is left producing at a high injection rate (so that it would not 
load up again), the cycle time could be shorter than the OCT and the well 
might not produce at the higher rates it is capable of and, at the same time, 
the injection gas/liquid ratio could be very high.

The unloading problem just described happens in wells on choke-control 
intermittent gas lift but it is not present if surface intermitters are used be-
cause the operating valve cannot close prematurely while the controller is 
opened (if the well was properly designed). In these cases, the volume of gas 
injected per cycle is imposed by the time the intermitter remains open and 
not by the spread of the pilot valve, which is influenced by the conditions 
in the tubing.
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10.6.1 Design of the operating valve  
for choke-control intermittent gas lift
The design of the operating valve for a simple type completion, producing 
on “choke-control” intermittent gas lift, is presented in this section. Many of 
the equations given in the next paragraphs are based on the theory developed 
by Zimmerman (1982), with the modifications introduced by the author of 
the present book, based on his own field scale experimental observations 
and on the advances that, in general, have taken place in artificial lift during 
the last decades.

The design of the operating valve consists only in finding its calibration 
opening pressure and its area ratio. The opening pressure should be high 
enough for the injection gas to be able to lift the liquid slug at a velocity 
of around 1000 ft./min, which is generally considered the optimum liquid 
slug velocity to keep the liquid fallback losses at a minimum value. The 
maximum “allowed” opening pressure of the operating valve (referred to 
the surface) is equal to the opening pressure (also referred to the surface) of 
the unloading valve right above of the operating valve, minus a differential 
pressure that would keep the unloading valves from opening while the liq-
uid slug is being produced to the surface. Thus the design of the unloading 
valve right above the pilot valve affects the value of the maximum injection 
pressure the well can have during its normal operation. The maximum al-
lowed opening pressure of the operating valve at valve’s depth is called 
here Pcvo max. If the well does not have unloading valves, the value of Pcvo max 
referred to the surface is equal to the manifold pressure minus a differential 
pressure that would allow the required injection gas flow rate at the surface 
(controlled by a choke or a needle valve) for the optimum operation of the 
well. For choke-control intermittent gas lift, this surface gas flow rate is very 
small compared with the gas flow rate through the pilot valve when it opens 
(called here “instantaneous gas flow rate”).

The spread of an operating pilot valve, in a well producing on choke con-
trol, mostly depends on the pilot valve’s operational characteristics, while 
the cycle time is controlled by the injection gas flow rate at the surface. It  
is then very important for wells on choke control to establish, as accurately 
as possible, the value of the pilot valve’s area ratio, which in turn defines the 
spread of the valve and the volume of gas injected per cycle.

The design calculations of the operating valve begin by finding the volume 
of liquid the well can produce per cycle, followed by the calculation of the 
volume of injection gas required to produced that liquid volume per cycle 
and, finally, adjusting the valve’s parameters (opening pressure and area ra-
tio) so that the liquid slug can be lifted at an acceptable velocity all the way 
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to the surface (by allowing the right instantaneous gas flow rate and the 
total volume of gas injected per cycle). To achieve these goals, the design 
method should determine: the valve’s opening pressure, its area ratio, and 
the gas injection flow rate at the surface (through the choke). Even though 
both characteristics of the valve, its opening pressure and area ratio, affect 
the velocity of the liquid slug and the volume of gas injected per cycle, the 
injection pressure is the most important factor to determine the liquid slug 
velocity while the area ratio controls the volume of gas injected per cycle. In 
the iterative design processes that are described next, the area ratio and the 
opening pressure are progressively adjusted to the conditions of the well to 
find the optimum operating point.

The necessary steps to design the pilot valve are given (in the order in which 
they should be carried out) in the following paragraphs.

There are two iteration procedures that are required to design the pilot valve. 
The first (flow chart in Fig. 10.14) must be performed first to find the liquid 
slug velocity (for a given opening injection pressure, which is adjusted for 
extreme situations only). Once the slug velocity is found, the second iteration 
procedure (flow chart in Fig. 10.17) is performed to find the required area ra-
tio by additional adjustments of the opening injection pressure (increasing or 
decreasing it as required). The first iteration procedure is actually imbedded in 
the second, but they are presented separately for didactical purposes. The equa-
tions used in each of these iterations are presented in detail after the iteration 
processes have been described. The first set of iterations is explained next (use 
the flow chart in Fig. 10.14 as a guide to follow this calculation procedure).

j The fist step is to assume an initial liquid slug velocity. This velocity is 
adjusted as the first set of iterations is performed. The valve’s opening 
injection pressure at depth is fixed at an initial value usually equal to 
Pcvo max (defined earlier) and then, during the two sets of iterations, this 
pressure is adjusted to find an acceptable liquid slug velocity and the 
area ratio of the valve that matches a commercially available area ratio 
that provides the required volume of gas injected per cycle.

j At each liquid slug velocity, calculation of the OCT (Tco), initial liquid 
column length (Qini), tubing pressure at the moment the pilot valve 
opens (Pto), and daily liquid production (q), are performed in that order.

Based, to a large degree, on the well’s PI and using a procedure 
which is explained later, the cycle time at which the well reaches its 
maximum daily production is calculated. This cycle time is known 
as the OCT.

To perform these calculations, an initial value of the liquid slug 
velocity, vat assum, is assumed. As indicated earlier, this velocity is 
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adjusted in the iterations presented in Fig. 10.14. Once the OCT is 
found, it is easy to calculate:

1. The size of the initial liquid column, Qini, above the pilot valve 
at the moment this valve opens.

2. The production pressure at valve’s depth, Pto, also at the 
moment the pilot valve opens.

3. The daily liquid production of the well, q.

The liquid column at the moment the pilot valve opens is called the 
“initial column length” to distinguish it from the one that finally 
reaches the separator, which is smaller because part of the liquid 
column is not produced to the surface and it is left behind as a liquid 
film at the wall of the production tubing or as small droplets in the 
injection gas behind the liquid slug. This part of the liquid slug that 
is not produced to the surface is called “liquid fallback loss.”

j Then, the calculation of the required volume of gas to be injected per 
cycle is carried out:

Once the size of the liquid slug to be produced is calculated as 
indicated in the previous step, the required volume of gas to be 
injected per cycle (needed to produce this liquid slug to the surface) 
can be calculated. This volume of gas is called vgsR and it is given 
here in scf. This is accomplished by a calculation procedure based 
on the energy conservation equation explained later in this section. 
The required volume of gas injected per cycle depends on many 
factors, such as the liquid viscosity, the liquid column length, 
the wellhead pressure, etc. The required volume of gas injected 
per cycle also depends on the valve’s opening injection pressure 
(because this pressure affects the velocity of the liquid slug: 
the higher the velocity, the more gas is needed to overcome the 
frictional pressure drop). If the iterations that determine the liquid 
slug velocity are carried out for different valve’s opening injection 
pressure at depth (Pcvo), it is found that for each opening injection 
pressure there is one and only one required volume of gas injected  
per cycle as shown in Fig. 10.11 (each point on this curve 
corresponds to a given injection pressure and its required volume of 
gas injected per cycle corresponds to the one that is found once the 
first set of iterations has converged to a final liquid slug velocity).

The minimum injection pressure (Pinj min) in the graph presented in 
Fig. 10.11 corresponds to the valve’s opening injection pressure for 
which the slug velocity is at its minimum value: fallback losses will 
increase for injection pressures less than this minimum pressure. 
The maximum injection pressure (Pinj max) in the graph presented 
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in Fig. 10.11 corresponds to the valve’s opening injection pressure 
for which the slug velocity is at its maximum value: fallback losses 
will increase for injection pressures greater than this maximum 
pressure. The curve shown in Fig. 10.11 can be generated in two 
ways: (1) by allowing the calculations of the first set of iterations 
to converge to the OCT for each opening injection pressure, or (2) 
by keeping the cycle time constant (during the first set of iterations) 
for each opening injection pressure. If the cycle time is kept at a 
constant value (less than the OCT), the curve in the previous graph 
will shift downwards because the volume of gas per cycle that is 
required to lift shorter liquid slugs is, in consequence, smaller too. 
Additionally, the minimum pressure (Pinj min) becomes smaller (as 
explained later for a similar type of graph constructed for the slug 
velocity as a function of the injection pressure).

The maximum injection pressure (Pinj max) is the opening injection 
pressure at which the liquid slug velocity becomes too large.

Pcvo max (the maximum allowed pressure to avoid opening the next 
upper unloading valve), on the other hand, could have any value 
(independently of the maximum and minimum pressures shown in 
Fig. 10.11) for a given well. It could be lower than Pinj min or higher 
than Pinj max because Pcvo max depends on the opening pressure of the 
upper unloading valve (or the system pressure if the well has no 
unloading valves), while the limiting pressures in Fig. 10.11 depend 
on the lifting process itself.

j Calculation of the valve’s closing pressure is then performed:
The valve closing pressure (for a given opening pressure) that 
would allow the injection of the required volume of gas per cycle 

■■ FIGURE 10.11 Volume of gas required per cycle, vgsR, for each injection pressure at 
valve’s depth, Pcvo.
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(as calculated in the previous step) must be found. As it has been 
stated earlier, the volume of gas that is injected to the well per cycle 
depends on the difference between the valve’s opening and closing 
pressure (also called “the spread of the valve”). The operating 
pilot valve’s opening injection pressure is assumed constant at 
the beginning of the first set of iterations, thus only the operating 
valve’s closing pressure remains to be found. This is done by a 
simple mass balance calculation (explained later in this section) 
based on the required volume of gas injected per cycle, vgsR.

j Liquid slug velocity calculation (first set of iterations):
If the liquid slug is assumed to travel at a velocity that remains 
approximately constant when the slug is about to reach the surface, 
a steady state mass conservation equation can be used to perform 
the iterations to find the liquid velocity that converges to the current 
operational conditions. When the tip of the liquid slug reaches the 
surface (just before liquid production begins at the surface), the 
liquid slug velocity multiplied by the area of the production tubing 
should be equal to the gas flow rate through the gas lift valve at in 
situ conditions (average conditions inside the tubing) at that instant. 
This volumetric balance provides an equation (Eq. 10.67 derived 
later), which allows for the calculation of the liquid slug velocity 
just when it reaches the surface. In these calculations, it is assumed 
that the annular pressure is equal to the valve’s closing pressure 
when the slug reaches the surface, which is true when the iterations 
converge to a final velocity.

The calculated velocity is compared with the previously assumed 
velocity (the one used to start the calculations of the OCT). If 
these two velocities are not approximately equal, all previous 
calculations are repeated using the average of the previous velocity 
and the recently calculated one as the new liquid slug velocity. This 
iteration process continues in this way and finishes when the new 
calculated velocity is approximately equal to the velocity used in 
the previous iteration.

It is important to point out that, for each pilot valve’s opening 
injection pressure, there exists one and only one liquid slug 
velocity. This is shown in Fig. 10.12.

The minimum injection pressure in Fig. 10.12 corresponds to the 
pressure at which the velocity converges to its minimum allowed 
value; therefore, this pressure is equal to the minimum pressure 
shown in Fig. 10.11. If the slug velocity is less than this minimum 
value, the liquid fallback losses are higher and difficult to estimate. 
There are no exact values given in the literature for this minimum 



526 CHAPTER 10 Design of intermittent gas lift installations 

velocity. Some specialists consider 800 ft./min as the lowest 
allowed slug velocity. If the maximum allowed injection pressure, 
Pcvo max, is less than the minimum injection pressure in Fig. 10.12, 
liquid slug velocity iterations can continue if one of the following 
steps is taken.
1. Reduce the cycle time (Tcycle) to values shorter than the OCT:

In this way, liquid columns will be shorter and easier to lift at a 
higher velocity. The curve shown in Fig. 10.12 is calculated for 
the OCT corresponding to each injection pressure, but similar 
curves can be generated keeping the cycle time at a constant 
value for all injection pressures. If the cycle time is shorter than 
the OCT, the velocity curve is shifted upwards and the required 
minimum and maximum injection pressures are reduced, as 
shown in Fig. 10.13:

2. Continue with the design calculations (using Pcvo max as the 
injection pressure) so that the design can be used with metallic 
plungers to keep the fallback losses low (plunger-assisted 
intermittent gas lift is explained in Section 10.11).

 At all times, the designer should be aware of an additional 
complication. If, at the end of all calculations (end of the 
second set of iterations), the maximum pilot valve’s area 
ratio is not large enough to supply the required volume 
of gas per cycle, the design cannot be applied (with or 
without plungers) unless a time cycle controller is used at 
the surface to force the pilot valve open until the required 
volume of gas is injected at each cycle (this point will 
become clear with the help of Fig. 10.16 explained later).

■■ FIGURE 10.12 Liquid slug velocity (vat) as a function of the injection pressure.
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The maximum injection pressure, on the other hand, should induce a 
liquid slug velocity that must not be greater than 1500–2000 ft./min.

In fact, the design can be obtained for high liquid slug velocities 
without affecting the daily liquid production of the well in a 
considerable manner. The problem with allowing high liquid 
slug velocities is the increase in the injection gas/liquid ratio. 
If the velocity converges to a very large value, all calculations 
must be repeated with a lower injection pressure.

The iteration process to find the liquid slug velocity is illustrated in the 
flow chart shown in Fig. 10.14. (keep in mind that the iterations shown in 
Fig. 10.14 are part of those presented in Fig. 10.17)
j Valve’s area ratio calculation (second set of iterations, Fig. 10.17):

The valve’s closing pressure, Pcvc, is one of the parameters 
calculated during the liquid slug velocity iterations so that the 
required volume of gas per cycle can be injected. On the other 
hand, the opening injection pressure, Pcvo, might have also been 
adjusted so that the slug velocity falls within the accepted velocity 
limits. In the liquid slug velocity iteration process, the production 
pressure at valve’s depth just when the valve opens, Pto, was also 
calculated by the following equation:

ρ= +P Q P ffto ini wh g (10.4)

Where Qini is the initial liquid column length in feet, ρf is the liquid 
gradient in psi/ft., Pwh is the production wellhead pressure in psig 
and fg is the gas factor that is used to find the gas pressure on top 
of the liquid column from the value of the wellhead pressure. 

Pto=Qiniρf+Pwhfg

■■ FIGURE 10.13 Effect of the cycle time on the velocity curve.
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Therefore, all terms required by the valve’s force balance equation 
to find the initial area ratio, named here R*, are found during the 
first set of iterations. Thus, the last step in the first set of iteration is 
to find the value of R*:

=
−
−

R*
P P

P P
cvo cvc

cvo to 
(10.5)

It is unlikely that the calculated area ratio R* coincides with one of 
the commercially available area ratios of the selected pilot valve’s 
model. This is why a second iteration procedure must be carried 
out to adjust the injection pressure until the best suited available 
area ratio for the well’s operation is found (to maximize liquid 
production and minimize gas consumption).

To better understand the iterative process involved in finding the 
valve’s area ratio (shown in the flow chart presented in Fig. 10.17), 

R*=Pcvo−PcvcPcvo−Pto

■■ FIGURE 10.14 Flow chart for the calculation of the liquid slug velocity.



52910.6  Intermittent gas lift design for simple type completions

the curves that are shown in Fig. 10.15 are introduced to familiarize 
the reader with the required injection gas volume per cycle curve 
(vgsR) and the curves of the volume of gas the pilot valve can in reality 
provide per cycle (vgsC); all of these curves are given as functions 
of the valve’s injection opening pressure. Here, R1 to R4 represent 
four commercially available area ratios for the selected valve’s 
model. The volume of gas that the valve can provide per cycle, vgsC, 
is directly proportional to the injection pressure because the spread 
of the valve is also directly proportional to the injection pressure. 
The required volume of gas vgsR is also proportional to the injection 
pressure because the greater the injection pressure is, the greater the 
liquid slug velocity becomes and, in consequence, more injection gas 
volume is needed to overcome the frictional pressure drop.

It can be seen in Fig. 10.15 that as the injection pressure increases, 
the required volume of gas per cycle and the volume of gas that 
the pilot valve can provide increase. It can also be noticed that, 
for a given injection pressure, the volume of gas that the valve can 
provide is greater for larger valve’s area ratios (because the spread 
of the valve is proportional to its area ratio). The iterations are 
carried out to find the points where the vgsR curve intersects the vgsC 
curves. Fig. 10.16 shows several possible relative positions of the 
vgsR curve (in relation to what the valve can provide).

Fig. 10.16a shows that, independently of the area ratio, the required 
volume of gas injected per cycle is always greater than the volume 
the pilot valve can provide and that the point of intersection of 

■■ FIGURE 10.15 Required volume of gas per cycle, vgsR, curve and the volume of gas per 
cycle curves the valve can provide, vgsC, for each “n” commercially available area ratio Rn.
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the vgsR and the vgsC4 curves falls at a pressure greater than the 
maximum injection pressure.

This could lead to one of the worst operational conditions that 
can be found (not enough volume of gas and very high or very 
low liquid slug velocities) and it is usually because: (1) the 
annulus’ volume is too small and/or the production tubing being 
too large, (2) the maximum valve’s area ratio is still too small 
or, (3) the liquid column is too long. If one of these unfavorable 
conditions are met and, additionally, the liquid velocity is too 
low (Pcvo max < Pinj min), the calculations can proceed only if a 
metallic plunger is used (to keep the fallback losses low) and a 
surface controller is used to force the pilot valve open until the 
required volume of gas per cycle has been injected.

■■ FIGURE 10.16 Several possible relative positions of the vgsR curve with respect to the vgsC curves.
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On the other hand, if Pcvo max is greater than or equal to the 
pressure where the vgsC and vgsR curves intersect (in Fig. 10.16a), 
the design can be performed at that intersection pressure 
without the need of a surface intermitter, knowing that the 
injection gas/liquid ratio is going to be large (for being above 
Pinj max so that the slug velocity is unnecessarily high). However, 
if it is desired to keep the injection gas/liquid ratio low by 
not allowing the injection pressure to be above the maximum 
injection pressure, the design can be performed with the 
maximum area ratio, Rmax, at Pinj max using a surface controller 
to be able to pass only the required volume of gas per cycle.

Some of the steps that can be taken to reduce the difference 
between the required volume of gas per cycle and the volume 
that the valve can provide (as depicted in Fig. 10.16a) include:

Install the surface gas injection choke as far as possible 
from the wellhead.

Reduce the diameter of the production tubing.

Use surface controllers as stated earlier.

Use production-pressure-operated valves or a different IPO 
valve model with a larger maximum area ratio.

Shorten the cycle time so that smaller liquid column (that 
required less volume of gas per cycle) can be lifted (this will 
reduce the daily liquid production of the well but not in a 
considerable way).

Fig. 10.16b shows the case in which, even with the smallest area ratio 
and at the minimum injection pressure, the volume of gas the valve 
provides is greater than the required volume of gas per cycle to produce 
the liquid columns.

In this case, the iteration for the area ratio (shown in Fig. 10.17) 
will select the minimum injection pressure (as long as Pcvo max is 
greater than Pinj min) and the design is then performed with the 
minimum area ratio so the injection gas/liquid ratio is not increased 
to very high values.

If, on the other hand, Pcvo max is smaller than Pinj min, the design 
can be performed with the minimum area ratio and at Pcvo max, but 
metallic plunger are recommended to reduce the fallback losses.

The operational condition corresponding to Fig. 10.16b is found in 
wells with very large annulus and/or very small production tubing. 
It could also be due to a valve model with a very large minimum 
area ratio, which is the case for some 1-in. OD pilot valves.



532 CHAPTER 10 Design of intermittent gas lift installations 

Some actions that can be taken (to reduce the difference between 
the required volume of gas per cycle and the excess volume of gas 
that the valve can provide), are as follows:

Install the surface gas injection choke as close as possible to the 
wellhead.

If the injection pressure is high enough, install an accumulation 
chamber.

Increase the cycle time to generate larger liquid columns 
(keeping in mind that this action might reduce the daily 
liquid production). This might also require the use of surface 
intermitters because the surface injection gas flow rate could be 
extremely low (difficult to control and/or measure) or the large 
pressure drop across the injection choke could promote hydrate 
formation.

■■ FIGURE 10.17 Flow chart to find 
the commercially available area ratio 
of the operating valve.
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Use a different pilot valve model with smaller minimum area 
ratio.

Fig. 10.16c shows the case in which the intersection points falls 
between two available area ratios for the selected pilot valve model 
but the intersection points are outside the acceptable velocity limits. In 
Fig. 10.16d, the intersection points do lie within the velocity limits for 
which the liquid fallback losses are kept at minimum values.

In all of these cases, the iterations shown in the flow chart 
(Fig. 10.17) will lead to the selection of the upper area ratio (so that 
the required volume of gas per cycle is met) at a pressure higher 
than or equal to the minimum acceptable injection pressure, Pinj min 
(so that the liquid velocity is acceptable).

If Pcvo max is less than Pinj min the design can be performed with 
the upper area ratio and at Pcvo max but it has to be implemented 
in conjunction with metallic plungers to minimize the liquid 
fallback.

The flow chart presented in Fig. 10.17 shows the iteration procedure that 
needs to be executed to find the most appropriate commercially available 
area ratio (that would allow the injection of the required volume of gas per 
cycle while keeping the liquid velocity at an acceptable level). Notice that 
the first set of iterations (liquid slug velocity iterations) is in reality a part of 
the iterations required to find the valve’s area ratio because the velocity of 
the liquid slug depends on the injection pressure, which is adjusted during 
the second set of iterations.

The equations needed to perform the iterations involved in the design steps 
described earlier are presented in detail in the rest of this section.

10.6.1.1 Optimum cycle time calculation
The procedure to find the OCT that is given here was derived by Zimmer-
man (1982). To calculate the production pressure at valve’s depth at the mo-
ment the pilot valve opens, Pto, it is necessary to find first the OCT, which 
was already defined earlier as the cycle time for which the daily liquid 
production is maximized. The equation that relates the bottomhole flowing 
pressure, Pwf, to the well’s liquid flow rate (inflow) is:

= −q J P P( )f wfsbh (10.6)

In this equation qf is the liquid production in STB/D, J is the PI in STB/
(D-psi), Psbh is the static reservoir pressure in psi, and Pwf is the bottomhole 
flowing pressure also in psi.

qf=JPsbh−Pwf
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The PI used in Eq. 10.6 is in reality the average of all the values that the PI 
can take for the range of flowing bottomhole pressures found in a well on 
intermittent gas lift: the bottomhole pressure goes from a very low value (at 
the beginning of the liquid slug generation period) to a maximum value that 
is approximately 40–50% of the reservoir static pressure, which is usually 
the bottomhole maximum flowing pressure when operating at the OCT. In 
fact, when the PI of the well is not known, and therefore the OCT cannot be 
calculated, it is a good approximation to estimate the liquid column length 
that the well will have while operating at the OCT, by assuming that the cor-
responding maximum flowing bottomhole pressure will be equal to half the 
static reservoir pressure when the pilot valve opens. In this case, the calibra-
tion of the valve is performed assuming a production pressure at valve depth  
equal to 50% of the static reservoir pressure and then, after installing the 
valve in the well, the OCT can be found by a field trial and error procedure 
in which the cycle time is adjusted several times (by changing the surface gas 
flow rate as indicated in Eq. 12.21) until reaching the cycle time for which 
the maximum liquid production rate is found.

It can be seen in Fig. 10.18a that as the reservoir pressure declines, the PI 
of the well also declines so that the IPR curve has a greater inclination and 
it looks more like a linear function of the liquid flow rate. Thus, as the res-
ervoir pressure decreases, the use of Eq. 10.6, with a constant value for the 
PI J, becomes more accurate because the difference between the maximum 
and minimum values of the PI is negligible. In figure Fig. 10.18b the range 
of practical values of the flowing bottomhole pressure for intermittent gas 
lift is shown.

If Bt is the production tubing volumetric capacity in Br/Mft., the instanta-
neous liquid production qf from the reservoir during the liquid slug genera-
tion time interval can be expressed as:

= ′



q B

dQ

dtf t
 

(10.7)

Where Q′ is the length of the liquid column above the operating valve in 
Mft. If t is given in minutes and the liquid production in MBr/D, the r.h.s. 
of Eq. 10.7 must be multiplied by 1.44. But if t is given in minutes and the 
liquid production in Br/D, the r.h.s. of Eq. 10.7 must be multiplied by 1440.
The volumetric capacity of the production tubing can be calculated from the 
following equation:

π ( )[ ] ( )=




























 =









B d

 

 

 .  
. d

4
in.

1ft.

144 in.

1000 ft.

1Mft.

1Br

5 61456 ft.
0 97143

Br

Mft.t

2
2

2 3

2

 
(10.8)

qf=BtdQ9dt

Bt=π4din.21ft.2144 in.21000 ft.1 Mft

.1Br5.61456 ft.3=0.97143d2BrMft.
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Where d is the ID of the production tubing in inches. If A′ is the maximum 
drawdown (in psi) at the top of the perforations just after the liquid slug has 
been produced, the term Psbh – Pwf in Eq. 10.6 can be expressed, at any time 
during the generation of the liquid column, as:

ρ− = ′ − ′P P A Q( 1000)sbh wf f (10.9)

Where A′ is equal to:

ρ′ = − − −A P D D P f( )1000sbh pt ov t wh g (10.10)

Where Dpt is the depth of the top of the perforations in Mft., Dov is the depth 
of the operating valve in Mft., Pwh is the production wellhead pressure in 
psig, and fg is the gas factor that is used to find the pressure of the gas just 
above the liquid slug (calculated from the value of the wellhead production 
pressure). Equations for the calculation of fg are given in chapter: Single-
Phase Flow. In Eq. 10.9, ρf is the pressure gradient of the liquids in the pro-
duction tubing expressed in psi/ft. and calculated from the API gravity of the 
oil and the water cut. In Eq. 10.10, ρt is the “true liquid pressure gradient” 
in psi/ft., which takes into account the formation gas present in the liquid 
column. ρf and ρt should not be confused with the density of the liquids: the 
pressure gradient is equal to the density of the liquid in lbm/ft.3 times the 
acceleration due to gravity and divided by g0:
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 (10.11)

Psbh−Pwf=(A9−Q9ρf1000)

A9=Psbh−Dpt−Dov1000ρt−Pwhfg

ρf=densitylbmft.3g=32.17ft.s2g0=32.17l

bm-ft.lbf-s21ft.2144in.2=density144psift.

■■ FIGURE 10.18 Range of practical values of the flowing bottomhole pressure for intermittent gas 
lift. (a) effect of decreasing reservoir pressure and (b) average productivity index within a practical range of bottomhole 
flowing pressures.
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The liquid gradient ρf, in psi/ft., can be calculated from the water cut and the 
API gravity of the oil using the following equation:

ρ γ( ) ( )= + −
+ °
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(10.12)

Where w is the water cut expressed from 0 to 1, while 0.433 is the pure wa-
ter gradient in psi/ft. and γ w  is the specific gravity of the formation water, 
which can be taken equal to 1 as a good approximation.

The true pressure gradient ρt, in psi/ft., is less than the pressure gradient of 
the produced liquids because it takes into account the dissolved and free gas 
that might be present in the liquid column.

The true pressure gradient is very difficult to predict because it depends 
on the viscosity and surface tension of the oil and water, as well as on the 
amount of free and dissolved gas in the liquids. Even though there are differ-
ent equations to predict its value, it is much better to measure it by specially 
designed downhole pressure surveys for intermittent gas lift, following the 
recommendations given in Section 12.3.3. One equation that could be used 
to approximate the value of the true pressure gradient in psi/ft. is given by:

ρ = − G0.1671 0.001429t API (10.13)

This equation is valid for oils with API gravities (GAPI) greater than 23°API. 
For lower API gravities, this equation is not recommended. Heavy oils, even 
in wells with very low formation gas/oil ratios, tend to have very small true 
pressure gradient values due to the reduced mobility of the gas bubbles in 
the oil along the liquid column.

Fig. 10.19 shows what happens during the liquid slug generation period, in 
which a liquid column of length Q′ accumulates above the operating valve. 
As it can be appreciated in the figure, the drawdown is at its maximum value 
A′ just after the liquid column has been produced and a new liquid column 
is beginning to accumulate above the operating valve.

Introducing Eqs. 10.10, 10.9, and 10.7 in Eq. 10.6, yields:

α ρ( )′ = ′ − ′
dQ

dt
' A Q 1000f

 
(10.14)

In Eq. 10.14, a′ is equal to J/(1440 Bt) because dQ′/dt is given in Mft./min 
and the production in Br/D. Eq. 10.14 can be integrated in the following way:
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Q t
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(10.15)

ρf=0.433wgw+1−w141.5131.5+°API

gw

ρt=0.1671−0.001429GAPI

dQ9dt=a'A9−Q9ρf1000

∫Q9aQ9dQ9A9−Q9ρf1000=∫0ta'dt
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Where Q′a is the liquid column left as liquid fallback from the previous 
cycle in Mft. As an approximation, this fallback liquid column is thought to 
be completely generated above the operating valve at the very beginning of 
the new cycle. Then, Q′a is given by:

′ = ′Q FD Qa ov (10.16)

Where Dov is the depth of the operating point of injection in Mft., Q′ is the 
length of the liquid column at the moment the pilot valve opens in Mft., and 
F is the liquid fallback factor, which is defined as the fraction of the initial 
column length that is not produced per each 1000 ft. of depth of the point of 
injection (F is expressed in values from 0 to 1 and not as percentage points).

By default, F is usually assumed to be equal to 0.05. In other words, 5% of 
the initial liquid column, per each 1000 ft. of depth of the point of injection, 
will not reach the surface. The F factor is one of the most difficult parameter 
to estimate and its value depends on the liquid slug velocity, the volume of 
gas injected per cycle, and the type of fluid being lifted.

As it has been pointed out, the liquid slug velocity should be equal to ap-
proximately 1000 ft./min. This velocity can be attained by injecting the gas 
at an appropriate rate and pressure.

The total volume of gas injected per cycle should also be the right one to 
produce all the liquid slug to the surface (the gas flow rate and injection 
pressure could be exactly the one needed to lift the slug at the right velocity, 
but if the gas lift valve closes long before the slug reaches the surface, the 
fallback losses will be very large). The objective then of a good design is to 
inject all the volume of gas required per cycle at the right pressure and flow 
rate. Fig. 10.20 shows the typical behavior of the liquid fallback factor as 
a function of the volume of gas injected per cycle and the type of oil being 
lifted. In order for graphs like this one to be useful, they must be obtained 
for liquid slugs traveling at a velocity as close as possible to 1000 ft./min.

Q9a=FDovQ9

■■ FIGURE 10.19 Generation of the liquid column above the operating valve.
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The value of the horizontal coordinate of the point where the graph of the 
fallback factor F in Fig. 10.20 changes slope is considered to be the required 
volume of gas injected per cycle that minimizes the liquid fallback losses. 
As can be seen in the figure, the lower the API gravity of the oil is, the 
greater the required volume of gas per cycle (and the F factor) becomes. 
As long as the volume of gas per cycle vgs is greater than or equal to the 
volume where the slope of the graph changes value and the liquid velocity 
is approximately equal to 1000 ft./min, the following values for the fallback 
factor can be established:

j For API gravities greater than 23°API, the liquid fallback factor can be 
estimated to be equal to 0.05.

j For oils between 18 and 23°API, the fallback factor can be estimated to 
be between 0.12 and 0.05, respectively.

j For oils between 16 and 18°API, the fallback factor can be estimated to 
be between 0.14 and 0.12, respectively.

Continuing with the calculation of the OCT, an expression for the liquid 
column Q′ as a function of the liquid column generation time t (expressed 
in minutes) can be found by solving the integrals in Eq. 10.15, which 
yields:
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Where a is equal to 1000a′, being a′ equal to J/(1440 Bt) as indicated ear-
lier; cm is FDov with Dov in Mft. If the gas injection time Toc (defined as the 
slug travel time in the production tubing) is approximated as the depth of 
the operating valve Dov, divided by the liquid slug mean velocity, vat, in 
Mft./min, then the total cycle time Tcycle (also expressed in minutes) is equal 

Q9=A9eaρft−11000ρfeaρft−cm

■■ FIGURE 10.20 Fallback factor as a function of the volume of gas injected per cycle.
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to the sum of the liquid column generation time interval, t, plus the travel 
time of the liquid slug in the tubing, Toc = Dov/vat:

= +T t D v/ atcycle ov (10.18)

The mean liquid slug velocity is estimated to be equal to vat max/2, where 
vat max is the maximum slug velocity which is assumed to be the slug velocity 
just when the tip of the slug arrives at the surface.

On the other hand, the daily liquid production in MBr/D, for a given total 
cycle time Tcycle can be calculated as:

( )= ′ −q Q c B
T

1
1440 1

1000f m t
cycle 

(10.19)

If factor C3 is defined as 1.44Bt(1 – cm), then qf is equal to (C3)Q′/Tcycle. 
 Using Eqs. 10.17 and 10.18, Eq. 10.19 can be expressed as:
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Eq. 10.20 represents the daily liquid production in MBr/D as a function of 
the total cycle time Tcycle. To maximize this production, Eq. 10.20 must be 
differentiated with respect to Tcycle and the result set equal to 0:

=
dq

dT
0f

cycle 
(10.21)

The result of Eq. 10.21 is:
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Where,
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The value of Tcycle that satisfies Eq. 10.22 corresponds to the OCT. This 
value can be found from Eq. 10.22 using the Newton–Raphson method.  
Eq. 10.22 can be written as:
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(10.23)

Tcycle=t+Dov/vat

qf=Q91−cmBt1440Tcycle11000

qf=C3A9eaρfTcycleeaρfDov/vat−1Tcy

cle1000ρfeaρfTcycleeaρfDov/vat−cm

dqfdTcycle=0

Tcycle=egTcycle−C4egTcycle−cmC4

gegTcycleC2C4

C2=1−cmg=aρfC4=egDovvat

egTcycle−C4egTcycle−cmC4gegTcyc

leC2C4−Tcycle=0
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If the left hand side of Eq. 10.23 is considered to be a function “F” of the 
total cycle time Tcycle, the problem is solved by finding the value of Tcycle for 
which F(Tcycle) = 0. If Tcycle1 is the first assumed value of Tcycle, the new value 
of Tcycle is found by the Newton–Raphson method as:

= −T T F dF dT/( / )cycle2 cycle1 cycle (10.24)

Where “F” and its derivative, dF/dTcycle, are evaluated at time Tcycle1. If the 
absolute value of Tcycle2 – Tcycle1 is not less than or equal to a given tolerance 
value, a third value of Tcycle is calculated using:

= −T T F dF dT/( / )cycle3 cycle2 cycle (10.25)

With “F” and its derivative evaluated at Tcycle2. This process continues until 
convergence on the value of Tcycle is achieved. dF/dTcycle is given by:
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Combining Eqs. 10.23, 10.25, and 10.26, yields:
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(10.27)

Knowing the value of Tcycle that converges to the OCT, the liquid column 
length Q′ can be determined using Eqs. 10.17 and 10.18 for that particular 
cycle time, and the daily liquid production can be calculated from Eq. 10.19. 
The value of the production tubing pressure, Pto in psi, at the moment the 
pilot valve opens is determined by:

ρ= +P P f Q'1000 fto wh g (10.28)

As it was previously mentioned, the pilot valve’s area ratio R can be found 
from the valve’s force balance equation: R = (Pcvo – Pcvc)/(Pcvo – Pto). For a 
given value of R, and knowing Pcvo (the valve’s opening pressure at depth) and 
Pto, the corresponding value of Pcvc (the valve’s closing pressure at depth) can 
be found from this force balance equation. The difference Pcvo – Pcvc estimated 
from this force balance equation, determines the value of the volume of gas 
per cycle that the valve can provide, vgsC, only if the value of Pcvc is corrected 
for dynamic effects as it was already mentioned in previous sections. The 
value of vgsC must be greater than or equal to the required volume of gas per 
cycle, vgsR, which is calculated from an energy balance equation given later.

Tcycle2=Tcycle1−F/(dF/dTcycle)

Tcycle3=Tcycle2−F/(dF/dTcycle)

dFdTcycle=gegTcycle−cmC42e−gTc

yclegC2C4−1

Tcycle n+1=Tcyclen−egTcycle n−C4egTcyc

len−cmC4gegTcycle nC2C4−Tcycle ngegT-

cycle n−cmC4
2e−gTcycle ngC2C4−1

Pto=Pwhfg+Q'1000ρf
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10.6.1.2 Calculation of the volume of gas per cycle  
vgsR and vgsC

The procedures that can be used to calculate the required volume of gas per 
cycle, vgsR, and the actual volume of gas per cycle the valve can provide, 
vgsC, for a given valve’s spread, are described next. These procedures were 
derived by Zimmerman (1982). In the following calculation of the volume of  
gas per cycle, it is assumed that all the gas must had been injected into the 
tubing when the top of the liquid slug was just arriving at the surface (so that 
the entire liquid slug is still inside the tubing). This approximation is valid 
for the great majority of cases of wells on intermittent gas lift, for which the 
lengths of the liquid columns to be lifted are usually shorter than 10–20% 
the measured depth of the point of injection. The idea is that the pilot valve 
closes at the instant the liquids begin to flow at the surface because the gas 
that has entered the tubing can expand to produce the entire slug to the sur-
face. The liquid velocity could decrease after the pilot valve closes due to 
the lack of additional gas injected below the slug, but because the vertical 
section of the slug is also going to be gradually decreasing, the required gas 
pressure needed to keep the velocity at an acceptable level is also going to 
be lower and, as a result, the liquid velocity might not drop to values less 
than its recommended velocity to keep the fallback losses at a minimum 
value. With this approach, gas overinjection could be avoided.

The explanation given in the previous paragraph does not apply to large liq-
uid slugs. As it is shown in the design calculations for accumulation cham-
bers to find the required volume of gas injected per cycle for large liquid 
slugs (Section 10.7), it is assumed that the pilot valve should close just after 
the entire liquid slug has been produced to the surface. The liquid slug ve-
locity at the surface is in this case equal to the maximum velocity achieved 
by the slug when its tip reached the surface, but corrected for the difference 
in diameter between the production tubing and the flowline. In this way, 
the designer makes sure that the entire liquid slug is in fact produced to the 
surface, but probably with more volume of gas injected per cycle that might 
be actually needed. Beside the additional calculation of the liquid velocity 
at the surface, all other calculations are basically the same as those for the 
procedure given in the previous paragraph. Some designers use the proce-
dure for large liquid slugs in all cases, regardless of the slug size, which is 
not a bad thing to do because the extra volume of gas injected per cycle, 
besides not being too large, could also be compensated by the additional 
liquid production that the tail gas could carry with it to the surface. What 
should not be done is to use the procedure given in the previous paragraph 
for all cases because the liquid fallback losses could become very large for 
large liquid slugs.
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The value of vgsR is found from the energy that must be provided by the 
injection gas to increase the liquid slug potential energy as it is lifted 
from the bottom of the well to the surface. The volume of the injec-
tion gas (at standard conditions) that must have entered the production 
tubing when the top of the liquid slug has just arrived at the surface is 
given by:

=v P nR TsRg st u st (10.29)

Where n is the number of moles that have entered the production tubing, 
Ru is the universal gas constant, Pst is equal to 14.7 psia, and Tst is 520°R. 
For the same number of moles but at in situ conditions, Eq. 10.29 can be 
written as:

=VP nR z Tga u a a (10.30)

Where Pga is the average pressure in psia of all the gas in the production 
tubing underneath the liquid slug at the moment the tip of the liquid slug 
reaches the wellhead; Ta and za are the average temperature in °R and the 
average compressibility factor of the gas in the production tubing, respec-
tively; V is the actual volume occupied by the gas in the production tubing 
and it is given by:

( )( )= − ′V D Q Bov gt (10.31)

Where Bgt is the volumetric capacity of the production tubing in ft.3/Mft., 
equal to 5.61456 Bt, and Dov is the depth of the operating valve in Mft. (Bt 
is defined in Eq. 10.8). Dividing Eq. 10.29 by Eq. 10.30, using the values of 
the pressure and temperature at standard conditions and solving for vgsR, the 
following expression is found:
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To find the value of vgsR using Eq. 10.32, it is necessary to find first the val-
ues of Pga, Ta, and za in that order. The average pressure in the tubing, Pga, 
can be calculated from:
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(10.33)

Where Pgu is the pressure underneath the liquid column. Because the top 
of the liquid slug is just arriving at the wellhead, Pgu is the sum of the 
hydrostatic pressure of the liquid column that reaches the surface plus the 

vgsRPst=nRuTst

VPga=nRuzaTa

V=Dov−Q9Bgt

vgsR=520BgtDov−Q9Pga14.7zaTa

Pga=Pgu+Ptm2
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pressure drop due to frictional losses that needs to be overcome to move 
the liquid slug plus the wellhead pressure Pwh; Ptm is the gas pressure in 
the production tubing at valve’s depth and it is equal to Pgu plus the weight 
of the gas column in the production tubing. Using the gas factor fg, Ptm is 
given by:

=P P ftm gu g (10.34)

And

ρ( )= + ′ −P P Q c C1 1000m f fgu wh (10.35)

Where cm is equal to F(Dov), Dov is the injection point depth in Mft., F is the 
fallback factor, and Cf is a coefficient that takes into account the hydrostatic 
and frictional pressure drops:
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Where vat is the average velocity of the liquid slug in Mft./min, d is the tub-
ing ID (inside diameter) in inches, and f is the friction factor. The number 
“1” on the right hand side of Eq. 10.36 takes into account the hydrostatic 
pressure because Q′(1 – cm)1000 ρf is the pressure in psi that a liquid column 
of length Q′ (1 – cm) (which is the length of the liquid column that finally 
reaches the surface in Mft.) exerts just below the slug when its top reaches 
the surface. The second part of the Eq. 10.36 deals with frictional pressure 
drop, which is derived next.

The equation that determines the pressure drop due to friction, ∆Pf in psi, for 
a given pipe length L in ft., is given by:

� ( )=P
f

d g
Density

Velocity

2

Length
f

2

0 
(10.37)

As it was indicated earlier, f is the friction factor and d is the ID of the 
tubing (which should be converted from inches to feet). “Density” is the 
density of the liquids and it must be expressed in lbm/ft.3 (which, accord-
ing to Eq. 10.11, must also be equal to 144ρf). “Length” is the length of 
the liquid slug (in feet) when its tip is just reaching the surface and its 
value in feet is equal to (1000)(Q′)(1 – cm) because Q′ is expressed in Mft. 
Finally, “velocity” in Eq. 10.37 is the velocity of the liquid slug that must 
be expressed in ft./s and it is equal to vat max, (which is the maximum veloc-
ity that is assumed the liquid slug has when it reaches the surface). As an 
approximation, vat max is equal to twice the mean liquid slug velocity, or 

Ptm=Pgufg

Pgu=Pwh+Q91−cm1000ρfCf

Cf=1+207.23fvat2d

∆Pf=fdDensityVelocity22Lengthg0
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vat max = 2vat, and vat must be converted from Mft./min to ft./s. Eq. 10.37 can 
then be expressed as:
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Simplifying Eq. 10.38, the following expression is obtained:

� ρ ( )=
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(10.39)

The first bracket on the r.h.s of Eq. 10.39 is the part of Cf that has to do with 
the frictional pressure drop in Eq. 10.36.

The friction factor can be calculated from the Moody diagram using a Reyn-
olds number expressed as:

µ
( )( )( )

=
d v

R
density at 

e
max

o 
(10.40)

Because the tubing ID, d, is given in inches, it must be converted to 
feet. It has already been pointed out that the density can be expressed as 
144ρf in lbm/ft.3 and vat max is equal to 2vat. If the liquid viscosity mo is 
expressed in lbf-s/ft.2, the following expression for the Reynolds number 
can be used:
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This can be simplified to:

ρ
µ

=
. d v
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12 434 f at
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(10.42)

∆Pf=fdin.12in./ft.ρf144lbmft.32vatMft.min21
000ft.Mft.60smin221000Q91-cmft.32.17lbm-

ft.lbf -s21144in.2ft.2

∆Pf=207.23fvat2dρf1000Q91−cm   psi

Re=ddensityvat max mo

Re=din.ft.12in.ρf144lbmft.32vatMft.min1000ft.
/Mft.60 s/minmolbf−sft.232.17lbm−ft.lbf−s2

Re=12.434dρfvatmo
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There are many correlations that can be used to calculate the friction factor 
f as a function of the Reynolds number; for example, the one given here is 
adequate for the production tubing used in oil wells:

< ⇒ =

> ⇒ =

≤ ≤ ⇒ =

−

−

f

f .

f .

R 1185 64/ R

R 35000 0 09292 R

1185 R 35000 0 26153R

.
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e e

e e
0 124

e e
0 2229

The calculation of the gas average temperature in the production tubing is 
performed by means of an iterative procedure based on an approximate ener-
gy balance of the gas that enters the tubing (derived by Zimmerman, 1982). 
The enthalpy per unit mass of the gas in the tubing below the liquid slug is 
equal to the initial enthalpy per unit mass when the injection gas was in the 
casing minus the gain in potential energy of the liquid slug per unit mass of 
the gas injected into the tubing:

= −H H Hc w (10.43)

Where H is the final enthalpy of the gas in the production tubing in Btu/lbm, 
Hc is the initial enthalpy of the gas in the casing–tubing annulus in Btu/lbm, 
which can be calculated from the geothermal temperature using an equation 
that is given later, and Hw is the gain in potential energy of the liquid slug 
per unit mass of the gas injected into the tubing, given in Btu/lbm by the 
following equation:

= =H

m g h

g

m

Potential energy gain of the liquid slug (Btu)

Mass of thegas that entered the tubing(lbm)

( )

w

L v

0

gas 

(10.44)

In this equation, hv is the true vertical depth traveled by the liquid which, for 
a vertical well, is given by:

{ }[ ]( )= − − ′ 








h D c Q1 Mft.
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Mft.mv ov
 

(10.45)

Where Dov is the depth of the operating valve in Mft.; g is the acceleration 
due to gravity, equal to 32.17 ft./s2; g0 is equal to 32.17 lbm-ft./(lbf-s2); the 
mass of the gas mgas is equal to its density at standard conditions multiplied 
by the volume of gas (expressed in scf) that entered the tubing, which is 
equal to vgsR (the density of the gas at standard conditions is equal to the air 
density at standard conditions, equal to 0.07635 lbm/ft.3, multiplied by the 
specific gravity of the injection gas, Gg; in other words, the density of the 
gas at standard conditions is equal to Gg0.07635 lbm/ft.3); the liquid mass 
mL that reaches the surface is equal to its volume multiplied by its density. 

Re<1185⇒f=64/ReRe>35000⇒f=0.0929
2Re−0.1241185≤Re≤35000⇒f=0.2615

3Re−0.2229

H=Hc−Hw

Hw=Potential enenrgy gain of the liq-
uid slug (Btu)Mass of the gas that entered the tub-

ing (lbm)=mL(g)hvg0mgas

hv=Dov−1−cmQ9Mft.1000ft.Mft.
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As it was already explained, the density of the liquid in lbm/ft.3 is numer-
ically equal to 144ρf, where ρf is the liquid gradient in psi/ft. defined in  
Eq. 10.12. The volume of the liquid that is produced is given by:
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Introducing these expressions into Eq. 10.44, the following equation is 
found for Hw:
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With the volumetric capacity of the production tubing in ft.3/Mft., Bgt, equal 
to 5.61456 Bt, this expression is simplified to:

ρ ( ) ( )
=

′ − − − ′ H
. Q c D c Q B

G v

2423 7 1 1f m m

sR
w

ov gt

g g 
(10.48)

Where Q′ is the initial liquid column length in Mft., Dov is the depth of the 
point of injection in Mft., cm is the fallback factor F multiplied by Dov, Bgt is 
the tubing volumetric capacity in ft.3/Mft., and Gg is the gas specific gravity.

Due to the presence of the term vgsR in Eq. 10.48 (which is precisely what 
needs to be calculated), Eq. 10.43 must be solved by iteration. If H and Hw 
are expressed as functions of the average temperature of the gas inside the 
tubing, Ta, then:

= −H T H H T( ) ( )a c w a (10.49)

The objective of the iterative method is to find the average temperature of 
the gas in the tubing, Ta, which satisfies Eq. 10.49. For this purpose, a cor-
relation of the enthalpy as a function of the average pressure Pga and average 
temperature Ta must be used.

The enthalpy of the injection gas is a function of its specific gravity, tempera-
ture, and pressure. If the temperature is expressed in °R, the pressure in psia, 
and the enthalpy in Btu/lbm, the equation introduced by Zimmerman (1982) 
that can be used to approximate the enthalpy of the gas is:

= + + + − +T A B H (C H A B H)P 460a o o 2
2

2 2 ga (10.50)

Liquid volume=Q91−cm(Mft.)BtBrMft

.5.61456ft.3Br

Hw=ρf144lbmft.3Q91−cmBt5.61456ft

.332.17ft.s2Dov−1−cmQ9(1000ft.)vgs

Rft.30.07635lbmft.3Gg32.17lbm-ft.lbf-
s2778.16lbf-ft.Btu

Hw=2423.7ρfQ91−cmDov−1−cmQ9

BgtGgvgsR

H(Ta)=Hc−Hw(Ta)

Ta=Ao+BoH+(C2H2+A2−B2H)Pga+460



54710.6  Intermittent gas lift design for simple type completions

Factors Ao, Bo, C2, A2, and B2 are functions of the gas specific gravity and 
they are given by:
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The calculation procedure is carried out as follows (Fig. 10.21):

1. Using Eq. 10.50, the value of Hc is determined with the average 
geothermal temperature of the injection gas in the annulus in °R and 
the average injection pressure just before the pilot valve opens, Pinj.avg 
in psia, equal to 14.7 + (Pcso + fgPcso)/2 with Pcso being the surface gas 
injection opening pressure.

2. An initial temperature of the gas below the liquid slug, Ta, is assumed. 
A good starting temperature is the average geothermal temperature.

3. With the average pressure of the gas that entered the tubing, Pga, and 
the assumed temperature, Ta, the compressibility of the gas below the 
liquid slug za is calculated at the moment the top of the liquid slug 
reaches the wellhead.

4. The value of vgsR corresponding to the temperature Ta is calculated with 
Eq. 10.32.

5. The value of Hw is calculated using Eq. 10.48.

Ao=152.46Gg−207.85Bo=0.78946Gg
+1.3223A2=0.11038Gg+0.013944B2=(-
2.5757Gg2−2.9663Gg+1.3437)10−3C

2=(6.866Gg2−7.561Gg+2.934)10−6

■■ FIGURE 10.21 Iterations to find the temperature of the injected gas located below 
the liquid slug when it reaches the surface.
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6. With Hc and Hw, Eq. 10.49 is used to find the enthalpy H of the gas that 
has entered the tubing.

7. Using Eq. 10.50 again (but with H instead of Hc), the new temperature 
Tac corresponding to the enthalpy H found in the previous step is 
calculated.

8. If the new value of Tac is approximately equal to the assumed value 
Ta, the iterations are terminated; otherwise, calculations are repeated 
from step 3 using the calculated temperature Tac as the new assumed 
temperature. This iteration continues until convergence is achieved for 
the value of Ta.

As can be seen, this iterative procedure gives vgsR as a result. Fig. 10.21 shows 
the flow chart of the calculation procedure just outlined in the previous steps.

The calculation of the volume of gas, vgsC, that a pilot valve (with a given 
area ratio) can provide, is explained next. Knowing the valve’s injection 
opening and closing pressures, the volume of gas supplied by the annulus, 
vga, and by the surface injection line, vgl, both in scf/cycle, can be calculated. 
To calculate vgl, only the volume of the injection line between the wellhead 
and the flow control valve, or choke, should be considered. The volume of 
gas in scf supplied by the annulus is calculated from the difference of the 
volume of gas in scf in the annulus just before the pilot valve opens, vsa, 
minus the volume of gas in the annulus just after the valve closes, vsc. Then, 
vga is equal to vsa – vsc. Applying the equation of state, the number of moles 
stored in the annulus just before the pilot valve opens is given by:

( )
( ) ( )= =

°
n

P V

z R T

. v

R

14 7 psia

1 520 R
.

. .
o

ga, apert annular

ga, apert u geoth.avr

sa

u 
(10.51)

Where Vannular is the actual annular volume; zga,apert. is the average gas com-
pressibility in the annulus at the time the valve opens; Tgeoth.avr. is the average 
temperature of the gas in the annulus in °R (which is considered equal to the 
average geothermal temperature along the casing–tubing annulus); Ru is the 
gas universal constant; and Pga,apert. is the average annular pressure in psia at 
the moment the valve opens, which is given by:

=
+

P
P P

2.
cso cvo

ga, apert 
(10.52)

Where Pcso is the surface opening injection pressure in psia and Pcvo is the 
opening injection pressure at valve’s depth, also in psia. Pcvo can be ex-
pressed as Pcsofg, where fg is the gas factor that is used to calculate the gas 
pressure at depth (it can be easily calculated with the procedures given in 
chapter: Single-Phase Flow).

no=Pga,apert.Vannularzga,apert.RuTgeoth.avr.-
=14.7psiavsa1Ru520°R

Pga,apert.=Pcso+Pcvo2
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Eq. 10.51 can be used to find the volume of gas in scf stored in the annulus, 
vsa, just before the pilot valve opens.

Applying the equation of state again, the number of moles stored in the an-
nulus just before the valve closes, is given by:

( )
( ) ( )

= =
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z R T

. v

R R

14 7psia

1 520.
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ga,close . annular

ga,close . u geoth .avr

sc

u 
(10.53)

Where zga,close. is the average gas compressibility in the annulus just before 
the valve closes and Pga,close. is the average annular pressure (also just before 
the valve closes) given by:

=
+

P
P P

2
csc cvc

ga,close . 
(10.54)

Where Pcsc is the surface valve’s closing pressure in psia and Pcvc is the 
valve’s closing pressure, also in psia, at valve’s depth. As it was the case for 
Pcvo, Pcvc can also be expressed as Pcscfg.

From Eq. 10.53, the volume of gas in the annulus in scf just before the valve 
closes, vsc, can be found. The volume of gas supplied by the annulus, vga, is 
then:

= −v v vga sa sc (10.55)

Expressions for vsa and vsc can be found from known equations for the geo-
thermal temperature, Tgeoth,avr., and for the actual annular volume, Vannular:
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(10.56)

Where Tsurf is the surface gas temperature in °F (which, in many cases, can 
be approximated as equal to 85°F), Tdov is the temperature at valve’s depth in 
°F. If Ba is the annular volumetric capacity in ft.3/Mft. and Dov is the valve’s 
depth in Mft., Vannular is:

=V D Bannular ov a (10.57)

Using Eqs. 10.51, 10.52, 10.53, 10.54, 10.56, and 10.57, expressions for vsa 
and vsc are given as:

[ ]
( )

( )
=

+
+ +

v .
B D P P

T z
35 37

85 2 460
cso cvo

sa
a ov

dov ga,apert . 
(10.58)

[ ]
( )

( )
=

+
+ +

v .
B D P P

T z
35 37

85 2 460
csc cvc

.
sc

a ov

dov ga,close 
(10.59)

nc=Pga,close.Vannularzga,close.RuTgeoth.avr.-
=14.7psiavsc1Ru520°R

Pga,close.=Pcsc+Pcvc2

vga=vsa−vsc

Tgeoth. avr.=Tsurf+Tdov2+460°R

Vannular=DovBa

vsa=35.37BaDovPcso+Pcvo85+2460+Tdovzga,apert.

vsc=35.37BaDovPcsc+Pcvc85+2460+Tdovzga,close.
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Where the surface temperature was assumed to be equal to 85°F. Follow-
ing the same steps taken for the casing–tubing annulus, but with an average 
temperature equal to 545°R, expressions for the volume of gas stored in 
the injection line when the pilot valve opens and when it closes, vsa and vsc, 
respectively, can be found:
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35 37

545
cso

sa
l

gl 
(10.60)

=v .
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35 37
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csc

sc
l

gl 
(10.61)

Where zgl is the average gas compressibility in the injection line, Bl is the 
volumetric capacity of the injection line in ft.3/Mft., and L is the length of 
the injection line in Mft. Then, vgl is given by:

= −v v vgl sa sc (10.62)

The volume of gas that enters the tubing at each cycle, vgsC, for a given 
valve’s spread is not limited to the sum of vga + vgl, but the gas that is injected 
at the surface through the choke while the pilot valve is open, known here 
as vge, must also be added.

An expression for vge is derived next. The gas flow rate injected at the 
surface through the choke or surface control valve, Qgi, in MscfD, is  
given by:
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(10.63)

Where Tcycle is the total cycle time and Tval is the time in which the pilot valve 
remains open, both expressed in minutes. Eq. 10.63 simply states that the sur-
face gas flow rate (which, in most cases, is constant throughout the cycle for 
choke-control intermittent gas lift) is calculated by dividing the gas volume 
that has accumulated in the injection line and in the annulus over the time in 
which that volume has accumulated, which is precisely equal to the time the 
pilot valve remains closed. On the other hand, while the pilot valve is opened, 
gas is still being injected at the surface at (approximately) the same gas flow 
rate calculated with Eq. 10.63. This additional injection gas volume must also 
be considered (even thought it is usually very small). The volume of gas in scf 
that is injected at the surface while the pilot valve is opened, vge, is given by:

=v T Q( )( )/1.44ge val gi (10.64)

vsa=35.37BlLPcso545zgl

vsc=35.37BlLPcsc545zgl

vgl=vsa−vsc

Qgi=vga+vglscfTcycle−Tvalmin1440m

in1DayMscf1000scf

vge=(Tval)(Qgi)/1.44
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The surface injection gas flow rate through the surface control valve should 
not be confused with the gas flow rate that passes through the pilot valve 
while it is opened. The surface injection gas flow rate is usually very small 
compared to the instantaneous gas flow rate through the pilot valve and that 
is the reason why the injection annular pressure drops when the pilot valve 
opens.

The injected gas volume per cycle, vgsC, is equal to vga + vgl + vge, and it must 
be greater than or equal to the required volume of gas per cycle, vgsR. The 
time it takes for the top of the liquid slug to reach the surface, Toc, is equal to 
the time the valve remains open, Tval, only if vgsR is equal to vgsC (Toc = Tval is 
accomplished at the end of the iterations explained in Figs. 10.14 and 10.17). 
At the beginning, calculations are carried out assuming an initial value of 
the time Toc, which is the same as assuming an initial average liquid slug ve-
locity. Toc must be determined at the end of all calculations to verify that the 
assumed value is equal to the calculated one. If they are not approximately 
equal, all calculations must be repeated with a new liquid slug velocity.

The liquid slug velocity is determined from an equation that relates the 
gas flow rate through the pilot valve to the slug velocity itself. The gas 
flow rate and the slug velocity are determined when the top of the liquid 
slug reaches the wellhead and it is estimated that at that moment the pilot 
valve should close (or Toc = Tval). In this calculation procedure, it is as-
sumed that the maximum slug velocity, vat max, is reached when the upper 
part of the liquid slug reaches the surface and it is equal to twice the aver-
age slug velocity, known here as vat. The value of the slug velocity when 
it reaches the surface, vat max = 2vat, multiplied by the area of the tubing, is 
equal to the volume of the liquid per unit time in the tubing that must be 
displaced by the gas that enters through the pilot valve. The volume per 
unit time of the gas that displaces the liquid can be expressed at standard 
conditions by:
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(10.65)

Where d is the tubing diameter in inches while Pga, Ta, and za are the absolute 
average pressure in psia, absolute average temperature in °R, and the com-
pressibility of the gas that entered the tubing, respectively.

Displaced flow rate MscfD=2vatMft.min1000ft.M
ft.1440min1Dπ4d2in.2ft.2144in.2Pgapsia14.7psia-

520ºRTa  ºR1zaMscf1000ft.3
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On the other hand, the gas flow rate through the gas lift valve can be calcu-
lated by means of the following simplified version of the Thornhill–Craver 
equation (Eq. 4.25):

( )( ) ( )
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0 4405
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2

a rg

n g 
(10.66)

Where Qgi is the gas flow rate through the pilot valve in MscfD; do is the 
main seat diameter of the pilot valve in 1/64  in.; Pa is the gas injection 
pressure just upstream of the pilot valve in psia at the moment the top 
of the liquid slug reaches the surface, which is considered to be equal to 
Pcvc (the pilot valve’s closing pressure at depth); Tn is the gas injection 
temperature upstream of the pilot valve; Gg is the injection gas specific 

gravity; frg is a term given by: = −f r r. .
rg

1 561 1 781  if r > 0.55 or frg = 0.22 if 

r ≤ 0.55, where r is equal to the pressure ratio (Ptm + 14.7)/(Pcvc + 14.7); 
Ptm is the tubing pressure calculated in psig according to Eq. 10.34; and, 
as indicated earlier, Pcvc is the pilot valve’s closing pressure at valve’s 
depth in psig.

The right hand side of Eq. 10.65 should be equal to the right hand side of  
Eq. 10.66, thus the following expression can be found for vat:
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(10.67)

This equation for the calculation of the velocity of the liquid slug then 
comes from applying the steady state continuity equation to the control 
volume occupied by the gas bubble below the liquid slug for which the gas 
flow rate at standard conditions that enters and exits the control volume 
must be equal. Because the gas flow rate that enters is equal to the one 
that exits the control volume, the pressure inside the tubing must remain 
constant, which is what usually happens (the gas pressure below the liquid 
slug is more or less constant once the slug has reached a certain velocity 
in the tubing). With the value of vat calculated in this way, Toc is simply 
given by Dov/vat. If the new value of Toc is not approximately equal to the 
one used in the calculations, some models repeat all calculations (in the 
iterations explained in Figs. 10.14 and 10.17) with a value of Toc estimated 
from a slug velocity equal to the average slug velocity of the previous and 
current iterations.

Once the liquid velocity has converged to a particular value, the valve’s area 
ratio must be found (as explained in the flow chart shown in Fig. 10.17) so 
that the volume of gas injected per cycle is greater than or equal to the vol-
ume of gas required to produce the liquid slug to the surface. The equation 

Qgi=0.4405do2PafrgTnGg

frg=r1.561−r1.781

vat=0.00079276Tazado2Pafrgd2PgaTnGg
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that can be used to find the gas lift valve’s closing pressure is now derived 
from a mass balance of the injection gas.

10.6.1.3 Calculation of the valve’s closing pressure, Pcvc

From Eqs. 10.58 to 10.61, the volume of gas supplied by the annulus and the 
injection gas line can be obtained (these equations are repeated here). The 
volume of gas supplied by the annulus, vga, is equal to vsa – vsc. Volumes vsa 
and vsc are given by:
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The volume of gas supplied by the surface gas injection line, vgl, is equal to 
vsa – vsc. Volumes vsa and vsc are given in this case by:

=v .
B LP

z
35 37

545
cso

sa
l

gl 
(10.60)

=v .
B LP

z
35 37

545
csc

sc
l

gl 
(10.61)

Assuming that zga,close. is equal to zga,apert., the following expression for vga is 
obtained:

= + − −v K P P P P35.37 ( )cso cvo csc cvcga 1 (10.68)

Where,

[ ]( )
=

+ +
K

B D

T z85 2 460 .
1

a ov

dov ga,apert 
(10.69)

And for the volume of gas supplied by the injection gas line at each cycle:

= −v K P P35.37 ( )cso cscgl 2 (10.70)

Where,

=K
B L

z5452
l

gl 
(10.71)

The volume of gas injected at the surface while the pilot valve is opened is 
calculated from Eq. 10.64, repeated here (with Toc instead of Tval):

=v T Q( )/1.44ge oc gi (10.64)

vsa=35.37BaDovPcso+Pcvo85+2460+Tdovzga,apert.

vsc=35.37BaDovPcsc+Pcvc85+2460+Tdovzga,close.

vsa=35.37BlLPcso545zgl

vsc=35.37BlLPcsc545zgl

vga=35.37K1(Pcso+Pcvo−Pcsc−Pc

vc)

K1=BaDov85+2460+Tdovzga,apert.

vgl=35.37K2(Pcso−Pcsc)

K2=BlL545zgl

vge=Toc(Qgi)/1.44
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In this case, Toc is equal to the valve’s depth Dov in Mft. divided by the aver-
age slug velocity vat in Mft./min:

= =v D Q v K/(1.44 ) 35.37atge ov gi 4 (10.72)

With K4 = QgiDov/(50.939vat).

The gas mass balance indicates that the volume of gas injected per cycle, this 
time equal to vgsR, must be equal to vga + vgl + vge. The volume of gas injected 
per cycle vgsR is calculated as it was explained earlier (Fig. 10.21). Using ex-
pressions already derived for vga, vgl, and vge, the following equation is reached:

= + − − + − +v K P P f P P f K P P K35.37 ( ) 35.37 ( ) 35.37sR cso cso csc csc cso cscg 1 g g 2 4 
(10.73)

Where fg is the gas factor used in the calculation of the injection pressure at 
depth from the surface injection pressure (Pcvo = Pcsofg, for example). Fac-
tor fg can be easily calculated if the surface pressure and the valve’s depth 
are known. The surface injection opening pressure is indeed known during 
the iteration but the injection closing pressure is unknown. Fortunately, the 
value of fg for the opening pressure is similar to the one for the closing 
pressure, so the value of fg in all previous equations can be calculated from 
the injection opening pressure (a more rigorous approach would require a 
simple and fast iteration that will give very similar results).

Using Eq. 10.73 with K3 = (1 + fg), the following equation for Pcsc is found, 
where all terms on the right hand side of the equation are known:

[ ]
=

+ + −

+
P

P K K K K
v

.
K K K

35 37
csc

cso
sR

1 3 2 4
g

1 3 2 

(10.74)

The surface closing pressure, Pcsc, is determined in this way. The injection clos-
ing pressure at depth is given by Pcvc = fgPcsc. With this closing pressure, the re-
quired area ratio can be found from Eq. 10.5. This area ratio, known as R*, does 
not necessarily coincides with one of the commercially available area ratios, thus 
the valve’s opening pressure must be modified according to the procedure shown 
in the flow chart given in Fig. 10.17 to make the calculated area ratio equal to one 
of the commercially available area ratios in a way in which the liquid production 
is maximized with the lowest possible injection gas consumption.

10.6.1.4 Summary of required calculations  
for choke-control intermittent gas lift design
The sequential steps in which calculations are made are described next.

j An initial value is assigned to the dynamic temperature at valve’s 
depth (this temperature is needed to calculate the solution gas/oil 

vge=DovQgi/(1.44vat)=35.37K4

vgsR=35.37K1(Pcso+Pcsofg−Pcsc−P

cscfg)+35.37K2(Pcso−Pcsc)+35.37K4

Pcsc=PcsoK1K3+K2+K4−vgsR35.37K

1K3+K2
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ratio with the purpose of estimating the liquid viscosity and, in this 
way, be able to find the Reynolds number, which in turn is used 
to calculate the friction pressure drop). A good starting point is to 
assume this temperature equal to the geothermal temperature at 
valve’s depth.

j For the same reason given in the previous step, an initial 
production pressure at valve depth is estimated. A good estimate  
is to make this initial pressure equal to one fifth of the static 
pressure. At the end of the iterations, this production pressure 
should be equal to the production pressure just before the pilot 
valve opens.

j An initial liquid slug velocity is set at 1 Mft./min.
j The velocity iteration procedure begins by calculating the solution gas/

oil ratio.
j The oil viscosity, Reynolds number, and the friction coefficient, which 

are all used in the calculation of the frictional pressure drop of the 
liquid slug, are then calculated.

j Using the Newton–Raphson method, the OCT is calculated.
j With the OCT already known, the initial column length, the daily 

liquid production, and the valve’s dynamic temperature can be 
calculated. As an approximation, the dynamic temperature can be 
calculated using any of the procedures given for continuous gas lift 
using the daily liquid production just calculated (Section 3.2.2).

j The calculated dynamic temperature is compared with its previously 
assumed value. If they are not approximately equal, calculations 
are repeated (with the same slug velocity and the new dynamic 
temperature) starting from the calculation of the new solution gas/
oil ratio. This iteration is repeated until convergence of the dynamic 
temperature is achieved.

j The production pressure (just before the valve opens) is calculated. 
This new pressure is compared with the previously assumed value. If 
they are not approximately equal, calculations are repeated (with the 
same slug velocity) starting from the calculation of the new solution 
gas/oil ratio. This iteration process continues until the production 
pressure converges to a final value.

j The average pressure of the gas bubble below the liquid slug (just 
when the top of the liquid slug reaches the wellhead) is calculated. The 
enthalpy of the injection gas in the annulus when the valve is about to 
open is also calculated.

j Using an iterative process, described in Fig. 10.21, the temperature 
of the gas below the liquid slug (just when it reaches the wellhead) is 
determined. In this iterative process, the required volume of gas to be 
injected per cycle, vgsR, is also found.
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j With vgsR already calculated, the valve’s injection closing pressure is 
found from the mass balance of the injection gas in the annulus, in the 
flowline, and through the surface injection choke. Knowing vgsR, the 
daily gas injection flow rate, Qgi, can also be found.

j The instantaneous gas flow rate that passes through the pilot valve 
when the liquid slug reaches the surface is calculated. With this flow 
rate, the liquid slug velocity can be calculated and compared with 
its assumed value. If these velocities (assumed and calculated) are 
not approximately equal, all calculations are repeated with a new 
slug velocity equal to the average of the velocities of the current and 
previous iterations. The process is repeated until the slug velocity 
converges to a final value.

j Once the velocity iteration is finished, the valve’s area ratio R is 
found from: (1) the known value of the valve’s injection opening 
pressure, (2) the calculated value of the valve’s closing pressure, and 
(3) the calculated value of the production pressure at valve’s depth 
just before the pilot valve opens. This calculated value of R, called 
R*, is compared with the closest commercially available area ratio. If 
they are not approximately equal, the iteration procedure explained in 
Fig. 10.17 is carried out to find the area ratio most appropriate to the 
well’s operational conditions.

In the design of the operating valve just described, the required volume of 
gas injected per cycle is calculated when the top of the liquid slug reaches 
the surface, as it is shown in Fig. 10.22.

It is assumed that if the pilot valve closes just when the liquid begins to 
be produced at the surface, the expansion of the gas injected up to that 
time will provide the required force to produce the entire liquid slug to 
the surface. This is true for wells with simple type completions that are 
good candidates for intermittent gas lift because for these wells the static 
liquid column should not be greater than one third of the well’s total 
depth. Additionally, it is known that when the well produces at the OCT, 
the initial liquid column length is about 50% of the length of the static 
liquid column and, therefore, the initial liquid columns are, at the most, 
equal to one sixth the total depth of the well. However, for wells with 
different completions, like double-packer chambers, the liquid columns 
being produced to the surface could be considerably larger. In these cases, 
the required volume of gas injected per cycle is found just when the entire 
liquid slug has surfaced. The equations are basically the same but with the 
minor modifications that are explained in Section 10.7 for double-packer 
chambers.

■■ FIGURE 10.22 Calculations are carried 
out just when the tip of the liquid column 
reaches the surface.
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Problem 10.1
Perform the first iteration to calculate the liquid slug velocity in the design 
of the operating pilot valve for a well on choke-control intermittent gas lift 
with the following data.

Production tubing ID: 2.441 in.; production tubing OD: 2.875 in.; surface 
gas injection line ID: 2.067 in.; pilot valve’s main port diameter: 32/64 in.; 
length of the surface gas injection line: 2000 ft.; casing ID: 6.366 in.; top of 
perforations depth: 2100 ft.; operating valve’s depth: 2020 ft.; production 
wellhead pressure: 60 psig; reservoir static pressure: 600 psig; temperature 
at the top of the perforations: 121°F; and PI: 0.15 Br/(psi-D). The operating 
valve is a spring-loaded, IPO pilot valve, which is calibrated by setting it at 
a calculated test-rack closing pressure.

Liquid and gas properties:

Injection gas specific gravity: 0.7; water cut: 10%; oil API gravity: 23°API 
(use a fallback factor F equal to 0.05); formation gas/liquid ratio: 300 scf/
STB.

The surface injection pressure (taken as the valve’s opening pressure) is 
800 psig, which gives an injection pressure at valve’s depth of 844.71 psig. 
The approximate value of the average gas compressibility factor in the an-
nulus is Z injection = 0.865.

Solution

1. OCT calculations

 Tubing volumetric capacity:

( )( )= = = 





B . d . . .0 97143 0 97143 2 441 5 788
Br

Mft .t
2 2

 Liquid gradient:

ρ = +
+







= 





. . .
.

.
.0 433 0 1 0 9

141 5
23º API 131 5

0 4002
psi
ft .f

 Other constants needed to perform the OCT calculations:

γ
ρ ( )( )

( )( )= = =
J

. B
. .
. .

.
1 44

0 4002 0 15
1 44 5 788

0 0072
1

min
f

t

Bt=0.97143d2=0.971432.4412=5.7
88BrMft.

ρf=0.4330.1+0.9141.523ºAPI+131.5
=0.4002psift.

g=ρfJ1.44Bt=0.40020.151.445.788
=0.00721min
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 With the valve’s depth Dov in Mft. and the liquid slug velocity in Mft./
min (initially assumed equal 1 Mft./min), the following constants are 
found:

γ ( )= =   =C D v . . .exp( / ) exp 0 0072 2 02/1 1 01465at4 ov

= = × =c FD 0.05 2.02 0.101m ov

= − = − =C c1 1 0.101 0.899m2

 The initial value of the cycle time (to be used as the starting point for 
the following iterations), T1, can be estimated as three times the depth 
of the operating valve divided by the assumed slug velocity, taken as 
1 Mft./min to start the iteration process:

  T1 = 3Dov/vat = 3 × 2.02/1 = 6.06 min

 The equation used in the iterations to find the OCT is:

γ
γ
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 The value of T2 can be found from T1  =  6.06  min, 
[ ] =exp 0.0072(6.06) 1.044598 , and Tc (given by the following equation):

( )( )
( )( )=
− −

=T
. . . .

. .
.

1 044598 1 01465 1 044598 0 102479
0 00656762 1 044598

4 11261 minc
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−

−  −
=T .

. .
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.

.6 06
4 11261 6 06

0 0072 1 044598 0 10398 0 9573

0 00656762
1

60 072

 Similarly, T3 can be found from T2  =  60.07 min,  
( )  =. . .exp 0 0072 60 07 1 5411 and Tc:

C4=exp(gDov/vat)=exp0.00722.02/
1=1.01465

cm=FDov=0.05×2.02=0.101

C2=1−cm=1−0.101=0.899

Tn+1=Tn−Tc−TngegTn−cmC4
2e−gTng

C2C4−1

Tc=egTn−C4egTn−cmC4gegTnC2C4=e0.0
072Tn−1.01465e0.0072Tn−0.1024790.0

0656762e0.0072Tn

Tn+1=Tn−Tc−Tn0.0072e0.0072Tn
−0.10398e−0.0072Tn0.00656762-

−1
exp0.0072(6.06)=1.044598

Tc=1.044598−1.014651.044598−
0.1024790.006567621.044598=4.1

1261min

T2=6.06−4.11261−6.060.00721.0
44598−0.103980.95730.00656762

−1=60.07
exp0.007260.07=1.5411
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( )( )
( )=

− −
=T

. . . .
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.
1 5411 1 01465 1 5411 0 102479

0 0065676 1 5411
74 828 minc

[ ]= −
−

−
−

=T 60.07
74.828 60.07

0.0072 1.5411 0.10398(0.64888)
0.00656761

1
36.09353

 Continuing doing the iterations in this way, a final value of the OCT is 
found equal to 23.14 min/cycle.

2. Calculation of the initial liquid column (at the moment the pilot valve 
opens) Qini in Mft.

 The liquid column regeneration time, Tf, is equal to the total cycle time 
minus the gas injection (into the tubing) time, considered to be equal 
to the time needed by the liquid slug to reach the surface:

 Tf = OCT – Dov/vat = 23.14 – 2.02/1 = 21.12 min

 The gas factor fg that is used to calculate the production tubing pres-
sure at depth just when the liquid column is beginning to accumulate 
above the valve, can be approximated as:

= +





= +
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 The production wellhead pressure plus the hydrostatic pressure of the 
gas column above the valve is then: 60(1.05756) = 63.4538 psig.

 The true liquid gradient, ρt, can be approximated as:

ρ
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−
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.
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1000
0 1341
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ft .t

 With the reservoir pressure Psbh in psig, the depth of the top of the per-
forations Dpt in Mft., the depth of the operating valve Dov in Mft., and the 
liquid gradient in psi/ft., the maximum drawdown is:

ρ′ = − − − = − − −
=

A P D D P f1000( ) 600 1000(2.1 2.02)0.1341 63.4538
525.8174 psig

sbh pt ov t wh g

 The initial liquid column length is then equal to:
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3. Calculation of the production pressure at valve’s depth, Pto, at the mo-
ment the pilot valve opens

ρ= + = + =P Q P f1000 1000(0.203)(0.4002) 63.4538 144.69 psigfto ini wh g

Tc=1.5411−1.014651.5411−0.102
4790.00656761.5411=74.828 min

T3=60.07−74.828−60.070.00721.5
411−0.10398(0.64888)0.0065676

1−1=36.0935

fg=1+Dov541.524=1+2.02541.524=1.05756

ρt=167−1.43ºAPI1000=0.1341psift.

A'=Psbh−1000(Dpt−Dov)ρt−
Pwhfg=600−1000(2.1−2.02)0.
1341−63.4538=525.8174 psig

Qini=A9egTf−11000ρfegTf−cm=52
5.8174e0.007221.12−110000.4002

e0.007221.12−0.101=0.203 Mft.

Pto=1000Qini ρf+Pwh
fg=1000(0.203)(0.4002)+63.4538=144.69 psig
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 Because the length of the liquid column is small and the valve is locat-
ed at a shallow depth, the same gas factor fg that was used to calculate 
the drawdown A’ in the previous step can also be used here; otherwise, 
the length of the liquid column should be subtracted (from the depth 
of the gas lift valve) as shown in step 3 of Problem 10.2 for the calcula-
tion of fg.

4. Calculation of the daily liquid production, qf, in Br/D

= − = −
=

q Q B FD T(1 )1440/ 0.203(5.788247)[1 (0.05)2.02]1440/23.14
65.7358 Br/D

f ini t ov cycle

 Where the fallback losses have been taken into consideration.
5. Calculation of the required volume of gas to be injected per cycle:
 Following the steps that are described in this section (not shown in this 

problem), the required volume of gas injected per cycle, vgsR, to lift a liq-
uid column of 203 ft. in length from a depth of 2020 ft. is calculated to 
be equal to 1246.93 scf/cycle, for which the absolute average pressure 
of the gas bubble below the liquid slug when the top of the slug reach-
es the surface is Pga = 297.96 psia and the pressure just downstream of 
the valve at that moment is Ptm = 290.49 psig. The average temperature 
and compressibility factor of the gas that has entered the tubing are 
531.7696°R and 0.9386, respectively.

 The constant surface gas flow rate is:

= = =Q
v

T
.

.
.

1000
1440 1246 93

1000
1440
23 14

75 5963 MscfDgi
gsR

cycle

6. Calculation of the valve’s closing pressure Pcsc

 The volumetric capacity of the casing–tubing annulus Ba in ft.3/Mft. is:

( ) ( )= − = −
=

B . d d . . .

.

5 45415 5 45415 6 366 2 875

175 9527 ft . /Mft.
a casing

2
od tubing
2 2 2

3

 The volumetric capacity of the surface gas injection line Bl in  
ft.3/Mft. is:

( )= = =B . d . . .5 45415 5 45415 2 067 23 3028 ft . /Mft .l gasline
2 2 3

 The gas compressibility factor in the gas injection line can be approxi-
mated by the following equation:

= − + = − + =z P1 1.9385(0.0001)( 14.7) 1 1.9385(0.0001)(800 14.7) 0.84207csogl

 The geothermal temperature at valve’s depth can be calculated as:

= + = + = °T D15.6 /1000 88.8 15.6(2020)/1000 88.8 120.3 Fdov ov

qf=QiniBt(1−FDov)1440/Tcycle=0
.203(5.788247)[1−(0.05)2.02]1440

/23.14=65.7358 Br/D

Qgi=vgsR10001440Tcycle=1246.93
1000144023.14=75.5963 MscfD

Ba=5.45415dcasing2−dod tub-
ing2=5.454156.3662−2.8752=17-

5.9527 ft.3/Mft.

Bl=5.45415dgasline2=5.454152.0672=23.3028 ft.3/Mft.

zgl=1−1.9385(0.0001)(Pcso+14.7
)=1−1.9385(0.0001)(800+14.7)=0

.84207

Tdov=15.6(D
ov/1000+88.8=15.6(2020)/1000+88.8=120.3 °F
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 Factors K1, K2, K3, and K4 are now calculated using the equations pre-
sented in this section and with the average compressibility factor of the 
annular injection gas given in the data of the problem (Zinjection):

( )
( )( )
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( )( )
( )( )=

−
=

−
=K

B D

Z T

.
. .

.
/1000

1005

175 9527 2020/1000
0 865 1005 120 3

0 365141
a ov

injection dov

 With the length of the surface gas injection line, L in ft., from the surface 
injection choke to the wellhead:
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l

gl

 From the data given above for this problem, the injection gas factor fg is 
approximately equal to 1.0558856, so that:

= + = + =K f1 1 1.0558856 2.05588563 g
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 Finally, the surface injection closing pressure of the valve is found by:
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35.374 800
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7. Calculation of the test-rack closing pressure:
 From the data given for this problem, the opening pressure at valve’s 

depth is Pcvo = 844.71 psig. The valve’s closing pressure at depth is found 
using the gas factor fg indicated in step 6:

= = =P P f 762.1558(1.0558856) 804.7493psigcvc csc g

 So that the area ratio should be equal to:

=
−
−

=
−

−
=R

P P
P P
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.
844 71 804 7493

844 71 144 69
0 057cvo cvc

cvo to

 The closest area ratio (for the selected valve’s model) is equal to 0.150, 
for which the test-rack closing pressure is:

= − + = − + =P R P RP(1 ) (1 0.15)844.71 0.15(144.69) 739.7 psigcvotrc to

 Ptrc is in this case equal to the valve’s closing pressure at valve’s depth 
during normal operation of the well (because spring-loaded valves are 

K1=BaDov/1000Zinjection1005
−Tdov=175.95272020/10000.

8651005−120.3=0.36514

K2=L/1000Blzgl 545=2000/100023.
30280.84207545=0.10155

K3=1+fg=1+1.0558856=2.0558856

K4=Dov/1000Qgi50.9390vat=2020/
100075.596350.9391=2.99779

Pcsc=Pcso+k4−vgsR35.374k1k3+k
2=800+2.99779−1246.9335.3740.
36514(2.0558856)+0.10155=762.1

558 psig

Pcvc=Pcscfg=762.1558(1.0558856)
=804.7493 psig

R=Pcvo−PcvcPcvo−Pto=844.71−8
04.7493844.71−144.69=0.057

Ptrc=(1−R)Pcvo+RPto=(1−0.15)84
4.71+0.15(144.69)=739.7 psig
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insensitive to the surrounding temperature). According to the calcu-
lations in point 6, a closing pressure at valve’s depth of 804.7493 psig 
is sufficiently low to provide the required volume of gas injected per 
cycle. With a closing pressure of 739.7 psig, the volume of gas injected 
per cycle is much greater than required. This could be improved with a 
lower opening pressure, but calculations are needed to verify that the 
liquid slug velocity will not be too small for this new pressure. Another 
solution could be found by selecting a different valve model with a 
smaller minimum area ratio.

8. Verification of the average slug velocity
 Using the results presented in step 5, it must be now verified that the 

slug velocity (when it reaches the surface) is within the acceptable lim-
its to keep the fallback losses at a minimum value. Eq. 10.67 is used to 
find the slug velocity:

( )( )( )( ) ( )
=v

. T z d P f

d P T G

0 00079276
at

n

a a o
2

a rg

2
ga g

 The pressure upstream of the valve, Pa, must be the injection pres-
sure at valve’s depth when the slug reaches the surface, which must 
be equal to the pressure in the casing–tubing annulus when all the 
required volume of gas vgsR has entered the tubing (and not the in-
jection closing pressure of the valve with the commercially available 
area ratio calculated in step 7 because this available area ratio is larger 
than the required area ratio and, in consequence, the valve will un-
necessarily remain open after the top of the liquid slug has reached 
the wellhead):

= + = + =P P 14.7 804.74 14.7 819.4493psiacvca

 The pressure downstream of the valve, Pd, was given in step 5 above 
and it is equal to:

= + = + =P P 14.7 209.49 14.7 305.19 psiad tm

 With these two pressures, the pressure ratio r across the valve is calcu-
lated:

= = =r P P/ 305.19 / 819.4493 0.3724d a

 According to the Thornhill–Craver equation (given in chapter:  
Single and Multiphase Flow Through Restrictions and on which the slug 
velocity calculation is based), if r is smaller than 0.55 then factor frg is 
equal to 0.22.

vat=0.00079276Tazado2Pafrgd2Pg
aTnGg

Pa=Pcvc+14.7=804.74+14.7=819.4493 psia

Pd=P
tm+14.7=209.49+14.7=305.19 psia

r=Pd/Pa=305.19/819.4493=0.3724
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 do is the valve’s main port diameter, in 1/64 in., equal to 32 in this case. 
On the other hand, the following average data of the gas that entered 
the tubing (given in step 5 earlier) are:

  Average pressure, Pga= 297.96 psia
  Average temperature, Ta= 531.7696°R
  Corresponding compressibility factor for Pga and Ta, za = 0.9386

 The injection gas temperature just upstream of the valve, Tn, can be ap-
proximated as the geothermal temperature:

= + +
= + + = °

T D15.6 /1000 88.8 460
15.6(2020)/1000 88.8 460 580.31 R.

n ov

 With all these parameters, the liquid slug velocity is calculated as:

( )( )( )( ) ( )
= =v

. T z d P f

d P T G

0 00079276
at

n

a a o
2

a rg

2
ga g

=

=

0.00079276(531.7696)(0.9386)(32 )(819.4493)(0.22)

2.441 (297.96) 580.31(0.7)
2.04 Mft./min

2

2

 As can be seen, the slug velocity is greater than 1 Mft./min, so that it 
is highly probable that the slug velocity will converge to an accept-
able value because all that is needed to proceed with the iterations 
is to reduce the pilot valve’s opening pressure to decrease the liquid 
slug velocity. To finish the design, it is necessary to perform all previous 
calculations with this new velocity (or, if preferred, with the average of 
the assumed velocity and this calculated velocity). This iterative process 
ends when the velocity converges to a final slug velocity.

Problem 10.2
Carry out the first iteration for the calculation of the liquid slug velocity in 
the design of the operating pilot valve of a well on choke-control intermit-
tent gas lift with the following data.

Production tubing ID: 2.441  in.; production tubing OD: 2.875 in.; surface 
injection gas line ID: 2.067 in.; pilot valve’s main port diameter: 32/64 in.; 
length of the surface gas injection line: 2000 ft.; casing ID: 4.2 in.; top of per-
forations depth: 4000 ft.; operating valve’s depth: 3940 ft.; production well-
head pressure: 60 psig; reservoir static pressure: 1300 psig;  Temperature at 

Tn=15.6D
ov/1000+88.8+460=15.6(2020)/1000+88.8+460=580.31 °R.

vat=0.00079276Tazado2Pafrgd2Pg
aTnGg=

=0.00079276(531.7696)(0.9386)(32
2)(819.4493)(0.22)2.4412(297.96)58

0.31(0.7)=2.04   Mft./min
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the top of the perforations: 151.2°F; PI: 0.15 Br/(psi-D). The operating valve 
is a spring-loaded, IPO pilot valve, which is calibrated by setting it at a cal-
culated test-rack closing pressure.

Liquid and gas properties:

Injection gas specific gravity: 0.7; water cut: 10%; Oil API gravity: 23°API 
(use a fallback factor F equal to 0.05); formation gas/liquid ratio: 300 scf/
STB.

The surface injection pressure (taken as the valve’s opening pressure) is 
700 psig, which gives an injection pressure at valve’s depth of 774.372 psig 
(with a gas factor fg= 1.1062458). The approximate value of the average gas 
compressibility factor in the annulus is Zinjection = 0.889.

Additional data:

Gas factor fg with injection pressures of 500 and 450  psig are equal to 
1.1025 and 1.1015, respectively.

Solution

1. Calculation of the OCT:

 Volumetric capacity of the production tubing:

( )= = =B . d . . .0 97143 0 97143 2 441 5 788 Br/ Mft.t
2 2

 Liquid gradient:

ρ = +
+







=. . .
.

.
.0 433 0 1 0 9

141 5
23º API 131 5

0 4002 psi/ft.f

 Other constants needed for the calculation of the OCT:

γ
ρ ( )( )

( )( )= = =
J

. B
. .
. .

.
1 44

0 4002 0 15
1 44 5 788

0 0072
1

min
f

t

 With the depth of the valve Dov in Mft. and the liquid slug velocity in 
Mft./min (initially assumed equal to 1 Mft./min), the following param-
eters are calculated:

γ ( )= =   =C D v . . .exp( / ) exp 0 0072 3 94 /1 1 028774at4 ov

= = =c FD 0.05(3.94) 0.197m ov

= − = − =c c1 1 0.197 0.803m2

Bt=0.97143d2=0.971432.4412=5.7
88Br/Mft.

ρf=0.4330.1+0.9141.523ºAPI+131.5
=0.4002psi/ft.

g=ρfJ1.44Bt=0.40020.151.445.788
=0.00721min

C4=exp(gDov/vat)=exp0.00723.94/
1=1.028774

cm=FDov=0.05(3.94)=0.197

c2=1−cm=1−0.197=0.803
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 The initial cycle time, T1, can be estimated as equal to three times the 
depth of the operating valve divided by the slug average velocity, as-
sumed equal to 1 Mft./min to start the iteration process:

= = =T D v3 / 3(3.94) /1 11.82 minat1 ov

 The equation used for the iterations in the calculation of the OCT is 
given by:

γ

γ

( )
( )( )

= −
−

−



 −

γ γ+ −
T T

T T

e c C e

C C
1

n n
c n

T
m

T1

4

2

2 4

n n

 Where Tc is:

γ
( )( ) ( )( )

=
− −

=
− −γ γ

γT
e C e c C

e C C

e . e .

. e

1 028774 0 202668

0 00594796

T T
m

T

. T . T

. Tc
4 4

2 4

0 0072 0 0072

0 0072

n n

n

n n
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 And

( )= −
−

−
−

+ −
T T

T T

. e . e

.

0 0072 0 2085

0 00594796
1

n n
n

. T . T1
c

0 0072 0 0072n n

 The value of T2 can be found from T1  =  11.82  min, 
( )  =. . .exp 0 0072 11 82 1 08883, and Tc (given by the following equation):

( )( )
( )( )=

− −
=T

. . . .
. . . .

.
1 08883 1 028774 1 08883 0 202668

0 0072 1 08883 0 803 1 028774
8 21753 minc

= −
−

−  −

=T 11.82
8.21753 11.82

0.0072 1.08883 (0.197)1.028774 (0.918417)

0.0072(0.803)1.028774
1

53.59782 2

 Continuing the iterations in this way, a final OCT is found to be equal to 
30.4457 min/cycle.

2. Calculation of the initial liquid column (at the moment the pilot valve 
opens) Qini in Mft.:

 The liquid column regeneration time, Tf, is equal to the total cycle time 
minus the gas injection time, considered to be equal to the time need-
ed for the liquid slug to reach the surface:

  Tf = OCT – Dov/vat = 30.4457 – 3.94/1 = 26.5057 min

T1=3Dov/vat=3(3.94)/1=11.82 min

Tn+1=Tn−Tc−TngegTn−cmC4
2e−gTn

gC2C4−1

Tc=egTn−C4egTn−cmC4gegTnC2C4=e0.0072Tn−1.
028774e0.0072Tn−0.2026680.00594796e0.0072Tn

Tn+1=Tn−Tc−Tn0.0072e0.0072T
n−0.2085e−0.0072Tn0.00594796-

−1
exp0.007211.82=1.08883

Tc=1.08883−1.0287741.08883−0.
2026680.00721.088830.8031.0287

74=8.21753 min

T2=11.82−8.21753−11.820.00721
.08883−(0.197)1.0287742(0.918417)-

0.0072(0.803)1.028774−1=53.5978
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 The gas factor fg that is used to calculate the production tubing pres-
sure at depth just when the liquid column is beginning to accumulate 
above the valve, can be approximated as:

= +





= +





=f
D .

.1
54

1
3 94
54

1 113297
. .

g
ov

1 524 1 524

 The production wellhead pressure plus the hydrostatic pressure of the 
gas column above the valve is then 60(1.113297) = 66.7978 psig.

 The true liquid gradient, ρt, can be approximated as:

ρ =
−

=
.

.
167 1 43API

1000
0 1341 psi/ft.t

 With the reservoir pressure Psbh in psig, the depth of the top of the per-
forations Dpt in Mft., the depth of the operating valve Dov in Mft., and the 
liquid gradient in psi/ft., the maximum drawdown is:

ρ′ = − − −
= − − − =

A P D D P f1000( )
1300 1000(4 3.94)0.1341 66.7978 1225.1556 psi

sbh pt ov t wh g

 The initial liquid column length is then equal to:

ρ

( )
( )

( )
( )

( )

=
′ −

−

=
−

−
=

γ

γ

( )

( )

Q
A e

e c

. e

. e .
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1

1000

1225 1556 1

1000 0 4002 0 197
0 63527Mft .

T

f
T

m

. .

. .

ini

0 0072 26 5057

0 0072 26 5057

f

f

3. Calculation of the production pressure at valve’s depth Pto at the mo-
ment the valve opens.

 The gas factor fg that multiplies the wellhead production pressure Pwh is 
not calculated at valve’s depth but at the top of the liquid column:

= +
−





=f
. .

.1
3 94 0 63527

54
1 094748

.

g

1 524

ρ= +
= + =

P Q P f1000
1000(0.63527)0.4002 60(1.09478) 319.92 psig

fto ini wh g

4. Calculation of the daily liquid production, qf, in Br/D:

= −
= − =

q Q B FD T(1 )1440/
0.63527(5.788247)[1 (0.05)3.94]1440/30.4457 139.65 Br/D

f ini t ov cycle

 Where the fallback losses have been taken into consideration.

fg=1+Dov541.524=1+3.94541.524=1.113297

ρt=167−1.43API1000=0.1341psi/
ft.

A'=Psbh−1000(Dpt−Dov)ρt−P
whfg=1300−1000(4−3.94)0.1
341−66.7978=1225.1556 psi

Qini=A9egTf−11000ρfegTf−cm=1
225.1556e0.007226.5057−110000
.4002e0.007226.5057−0.197=0.63

527 Mft.

fg=1+3.94−0.63527541.524=1.0
94748

Pto=1000Qiniρf+Pwhfg=1000(0.
63527)0.4002+60(1.09478)=319.9

2 psig

qf=QiniBt(1−FDov)1440/Tcycle=0.
63527(5.788247)[1−(0.05)3.94]144

0/30.4457=139.65 Br/D
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5. Calculation of the required volume of gas to be injected per cycle:
 Following the steps that are described in this section (not shown in 

this problem), the required volume of gas injected per cycle, vgsR, to 
lift a liquid column of 635.27  ft. in length from a depth of 3940  ft. is 
5002.817 scf/cycle, for which the absolute average pressure of the gas 
bubble below the slug when the top of the liquid slug reaches the sur-
face is Pga = 679.9172 psia and the pressure just downstream of the pilot 
valve at that moment is Ptm = 696.4092 psig. The average temperature 
and compressibility factor of the gas that has entered the tubing are 
580.1085°R and 0.89, respectively.

 The constant surface gas flow rate is:

= = =Q
v

T
.

.
.

1000
1440 5002 817

1000
1440

30 4457
236 6198 MscfDsR

gi
g

cycle

6. Calculation of the valve’s closing pressure Pcsc:
 The volumetric capacity of the casing–tubing annulus Ba in ft.3/ 

Mft. is:

( )
( )

= −
= − =

B . d d

. . . .

5 45415

5 45415 4 2 2 875 51 12924 ft . /Mft .
a casing

2
od tubing
2

2 2 3

 The volumetric capacity of the surface gas injection line Bl in ft.3/ 
Mft. is:

( )= = =B . d . . .5 45415 5 45415 2 067 23 3028 ft . /Mft .l gasline
2 2 3

 The gas compressibility factor in the gas injection line can be approxi-
mated by the following equation:

= − +
= − + =

z P1 1.9385(0.0001)( 14.7)
1 1.9385(0.0001)(700 14.7) 0.861455

csogl

 The geothermal temperature at valve’s depth can be calculated as:

= + = + = °T D15.6 /1000 88.8 15.6(3940)/1000 88.8 150.2640 Fdov ov

 Factors K1, K2, K3, and K4 are now calculated using the equations pre-
sented in this section and with the average compressibility factor of the 
annular injection gas given in the data of the problem (Zinjection):

( )( )
( )

( )( )
( )=

−
=

−
=K

B D

Z T
.

. .
.

/1000

1005
51 12924 3940/1000
0 889 1005 150 264

0 1961471
a ov

injection dov

Qgi=vgsR10001440Tcycle=5002.
8171000144030.4457=236.6198 

MscfD

Ba=5.45415dcasing2−dod tub-
ing2=5.454154.22−2.8752=51.1-

2924 ft.3/Mft.

Bl=5.45415dgasline2=5.454152.0672=23.3028 ft
.3/Mft.

zgl=1−1.9385(0.0001)(Pcso+14.7)
=1−1.9385(0.0001)(700+14.7)=0.

861455

Tdov=15.6D
ov/1000+88.8=15.6(3940)/1000+88.8=150.2640 °F

K1=BaDov/1000Zinjection100
5−Tdov=51.129243940/1000-
0.8891005−150.264=0.196147
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 With the length of the surface gas injection line L in ft., from the surface 
injection choke to the wellhead:

( )
( )

( )
( )= = =K

L B
z

.
.

.
/1000

545
2000/1000 23 3028

0 861455 545
0 099262

l

gl

 From the data given above for this problem, the injection gas factor fg is 
approximately equal to 1.1062458, so that:

= + = + =K f1 1 1.1062458 2.10624583 g

( ) ( )
( )= = =K

D Q

. v
.

.
.

/1000

50 9390
3940/1000 236 6198

50 939 1
18 3019

at
4

ov gi

 Finally, the surface injection closing pressure of the valve is found by:

( )= +
−

+
= +

−

+
=

P P
k

v

k k k

.
.

.
. . .

.

35.374 700
18 3019

5002 817
35 374

0 196147 2 1062458 0 09926
459 7073 psig

csc cso

sR
4

g

1 3 2

7. Calculation of the test-rack closing pressure:
 From the data of the problem, it is known that the opening pressure of the 

valve at valve’s depth is Pcvo = 700(1.1062458) = 774.372 psig. The valve’s 
closing pressure at valve’s depth can be calculated (in an approximate way) 
using the gas factor fg given above for a surface pressure of 450 psig:

= = =cscP P f 459.7073(1.1015) 506.3676 psigcvc g

  So that the area ratio is equal to:

=
−
−

=
−
−

=R
P P
P P

. .
. .

.
774 3720 506 3676

774 3720 319 92
0 5897cvo cvc

cvo to

 This area ratio is greater than the largest commercially available area ra-
tio for the selected valve model. The closest available area ratio is equal 
to only 0.333. If this available area ratio is used, then the valve’s opening 
pressure must be increased to have a larger spread so that the required 
volume per cycle can be injected. But if 700 psig is the largest possible sur-
face opening pressure (so that, for example, none of the unloading valves 
will open), a surface intermitter should be used to force the valve open as 
long as it is necessary to inject the required volume of gas per cycle. In this 
case, the calibration pressure is calculated from the following equation:

= − +
= − + =

P R P RP(1 )
(1 0.333)774.3720 0.333(319.92) 623.03948 psig

cvotrc to

K2=L/1000Blzgl 545=2000/100023.
30280.861455545=0.09926

K3=1+fg=1+1.1062458=2.1062458

K4=Dov/1000Qgi50.9390vat=3940/
1000236.619850.9391=18.3019

Pcsc=Pcso+k4−vgsR35.374k1k3+k2

=700+18.3019−5002.81735.3740
.1961472.1062458+0.09926=459.

7073 psig

Pcvc=Pcscfg=459.7073(1.1015)=50
6.3676 psig

R=Pcvo−PcvcPcvo−Pto=774.372
0−506.3676774.3720−319.92=0

.5897

Ptrc=(1−R)Pcvo+RPto=(1−0.333)
774.3720+0.333(319.92)=623.039

48 psig
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 The intermitter must maintain the injection pressure at valve’s depth 
above this pressure so that it would not close. The need of a surface 
intermitter is caused by the combination of the low available injection 
pressure and the small diameter of the casing. Because the casing di-
ameter is very small, it might be required to install a choke in series with 
the intermitter so that the injection pressure would not increase very 
fast and above the opening pressure of an upper unloading valve when 
the intermitter opens.

8. Verification of the average slug velocity
 Because a surface controller is used, calculations are performed keep-

ing the injection surface pressure equal to 700 psig. The data presented 
in step 5 earlier is also used:

Pga = 679.9172 psia
Ptm = 696.4092 psig
Ta = 580.1085°R
Za = 0.89

 With a surface injection pressure of 700 psig, the pressure upstream of 
the valve would be:

= + =P 774.372 14.7 789.072 psiaa

 And the pressure downstream of the valve is:

= + = + =P P 14.7 696.4092 14.7 711.1092 psiad tm

  So that r = 711.1092/789.072 = 0.9011 and therefore:

= − = − =f r r . . .0 911 0 9011 0 13875. . . .
rg

1 561 1 781 1 561 1 781
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0.00079276 580.1085 0.89 32 789.072 0.13875

2.441 679.9172 15.6(3.94) 548.8 0.7
0.548Mft./min

2

2

 As can be seen, the slug velocity is smaller than 1 Mft./min, so that it is 
highly possible that the liquid fallback losses will be very large and hard 
to calculate. Therefore, plunger-assisted intermittent gas lift could be 
implemented. To finish the design, it is necessary to perform all previ-
ous calculations with this new velocity (or, if preferred, with the average 
of the assumed velocity and this calculated velocity). This iterative pro-
cess ends when the velocity converges to a final slug velocity.

Pa=774.372+14.7=789.072 psia

Pd=Ptm+14.7=696.4092+14.7=711.1092 psia

frg=r1.561−r1.781=0.9111.561−0.
90111.781=0.13875

vat=0.00079276Tazado2Pafrgd2Pg
aTnGg=

=0.00079276580.10850.89322789.0
720.138752.4412679.917215.6(3.94

)+548.80.7=0.548 Mft./min
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10.6.2 Design procedure with the use of surface 
controllers (intermitters)
Different volumes of gas could be injected per cycle (without changing the 
pilot valve and independently of the adjustment of the total cycle time) by 
just adjusting the periods of time in which the surface controller remains 
opened and closed. If surface controllers are not used (as in the case of 
choke-control intermittent gas lift), changes of the surface injection gas flow 
rates only cause variations of the total cycle time with very little changes 
in the volume of gas injected per cycle. For choke-control intermittent gas 
lift, the volume of gas injected per cycle mainly depends on the subsurface 
valve’s area ratio, thus the subsurface valve would need to be changed if it 
was necessary to change the volume of gas to be injected per cycle. Being 
able to change the volume of gas injected per cycle with only surface adjust-
ments of the intermitter opening and closing time allows the optimization 
of the gas injection to the exact needs of the well. These needs could suffer 
changes over time as the well’s operational conditions change.

Due to the flexibility on the volume of gas injected per cycle provided by the 
use of surface controller, it is not critical to be able to determine the exact 
value of the valve’s area ratio as it is required for choke-control intermittent 
gas lift. However, there are steps that should be considered when selecting 
the valve’s area ratio and calibration pressure:

j The operating gas lift pilot valve’s surface opening pressure should 
not be adjusted at very high values (too close to the surface injection 
manifold pressure). It is important to have a certain difference between 
the pressure at the manifold and the pilot valve’s wellhead opening 
pressure so that: (1) the gas flow rate through the surface controller 
could be greater than the instantaneous gas flow rate through the gas 
lift valve once this valve opens, and (2) opening an unloading valve, if 
any, is avoided. In this way, the annular pressure is kept above the gas 
lift valve’s closing pressure while the intermitter and the pilot valve 
are both opened. The valve’s opening pressure cannot be too low either 
because it could considerably increase the time the surface controller 
should remain open to inject all the required volume of gas per cycle, 
and, additionally, if the injection pressure is too small, it might not be 
possible to reach an adequate liquid slug velocity to reduce the liquid 
fallback losses.

j The valve’s area ratio should not be too small as this could cause 
an increment in the time in which the gas lift valve should remain 
open in order to pass the required volume of gas per cycle. But it is 
even more important not to install a gas lift valve with an area ratio 
that is too large because this might limit the volume of gas injected 
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per cycle to large volumes only. If the required volume of gas to be 
injected per cycle is less than the volume the installed gas lift valve 
could pass on choke-control intermittent gas lift, the operator will not 
be able to reduce the volume of gas injected per cycle to its required 
value.

j The design procedure consists in doing all calculations required 
for choke-control intermittent gas lift. This gives the well’s liquid 
production, the OCT, the required injection volume of gas per cycle, 
and the gas lift valve’s area ratio. Then, select an area ratio equal to 
30–40% of the calculated value for choke-control operation.

If the surface gas flow rate through the controller, Qgi cont in MscfD, and the 
required injection volume of gas per cycle, vgsR in scf, are known, then the 
time in which the controller must remain open in minutes, Ton, is equal to 
Ton = (1.44vgsR)/Qgi cont. The time in which the controller must remain closed, 
Toff, is equal to the OCT minus Ton.

In the field, time intervals Ton and Toff can be adjusted following a procedure 
that is described as follows.

j Set Ton from 30 to 40% above its required value to pass the volume of 
gas per cycle calculated for choke-control intermittent gas lift. This 
momentarily guarantees a minimum liquid fallback loss.

j Set Toff in such a way that the total cycle time is from 20 to 30% above 
the OCT calculated for choke-control intermittent gas lift.

j This gas injection flow sequence should be kept constant for 2 or 3 
days to stabilize the well’s production.

j Test the well to know the well’s production under these operational 
conditions.

j Keeping Ton constant, Toff should be reduced in steps of 10% of the 
initial value and, at each step, let the well stabilize for 2 or 3 days to 
measure its production. Continue this procedure (decreasing Toff) until 
the well’s production begins to decline. At this point, increase Toff to the 
value it had before the production began to decline.

j Keeping the total cycle time constant and equal to the value found in 
the previous step, Ton should be reduced in steps of 10% of its initial 
value. Allow 2 or 3 days for the well’s production to stabilize and 
test the well at each step. Continue this procedure until the liquid 
production begins to decline. At this point, increase again Ton to the 
value it had before the production began to decrease.

Ton can be adjusted in a much faster way in the field: repeat the steps described 
earlier but once Toff has been adjusted and the well has stabilized for the first 
time (second and third steps), the time interval from the moment the controller 
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opens to the time the liquid slug reaches the surface is measured at the well-
head. The optimization of Ton begins with its value equal to only 10% above 
this measured time interval. Fig. 10.23 shows time intervals Ton, Toff, and Ttotal, 
as well as the typical surface injection pressure pattern during a complete 
cycle under the action of the controller and the subsurface gas lift valve.

10.6.3 Mechanistic models for the design  
of simple type completions on choke-control 
intermittent gas lift
Computer programs have been developed to design intermittent gas lift us-
ing mechanistic models. These models are based on the simultaneous solu-
tion of the continuity and momentum equations to determine the operational 
conditions at a moment t + ∆t from conditions existing at time t. This way 
of designing intermittent gas lift installations has been developed by several 
authors for different applications: plunger-assisted intermittent gas lift, gas 
chamber pumps, choke-control intermittent gas lift, etc. In this section, only 
the basic mass and momentum conservation equations that are common to 
all of these applications are presented in a general way to familiarize the 
reader with this approach.

10.6.3.1 Stages of the production cycle
To model intermittent gas lift, the cycle is divided into different stages. 
Each of these stages is characterized by particular operational conditions 
that help distinguish it from the other stages. The application of the conti-
nuity and momentum equations specifically for each stage, gives a group 

■■ FIGURE 10.23 Surface injection pressure pattern.
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of  differential equations which describe the behavior of all the important 
variables for that particular stage.

The stages into which one cycle is divided are:

j Liquid slug traveling in the production tubing. During this stage, the 
gas lift valve is opened and gas is entering the tubing from the annulus, 
pushing the liquid slug to the surface. At the same time, gas from the 
manifold is entering the annulus at the surface.

j Liquid slug production. This stage begins just when the top of the 
liquid slug reaches the wellhead and ends when the entire slug is 
produced to the surface.

j Liquid slug displacement along the flowline: It begins when the entire 
liquid slug has been produced to the surface and ends when all the 
liquid reaches the separator or when its velocity drops to zero.

j Gas venting. It happens only if the gas lift valve is still open when the 
entire slug has reached the separator or its velocity has dropped to zero. 
During this stage, gas is injected from the surface manifold into the 
annulus and from the annulus into the production tubing and flowline. 
The stage ends when the gas lift valve finally closes.

j Slug regeneration. It begins when the gas lift valve closes. Gas 
continues to be injected into the annulus and therefore the annular 
pressure increases. Liquids from the reservoir begin to flow into the 
production tubing, generating a new liquid column. The liquid fallback 
from the first two stages also contributes to the generation of the new 
liquid column. This stage ends when the combined effect of the annular 
and tubing pressures is large enough to open the gas lift valve.

10.6.3.2 Equations that model each stage
Fig. 10.24 shows the most important variables of the mathematical model 
that is explained in this section. At each stage, mass and momentum con-
servation equations are applied to the annular space, the gas bubble that 
enters the tubing, and the liquid slug. The result of applying these equa-
tions is a set of ordinary differential equations that describes the dynamic 
behavior of the following variables: annular pressure, tubing pressure, 
liquid slug velocity, gas flow into the annulus, gas flow into the produc-
tion tubing, liquid flow from the reservoir, liquid slug length, and liquid 
fallback losses.

It is assumed that the temperature along the well does not change with time. 
This approximation is reasonable at all stages where the process takes place in a 
slow fashion because the temperature of each component of the well can be ap-
proximated as equal to the geothermal temperature. However, this assumption 
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might not be very accurate during gas injection into the tubing, in which an 
additional equation could be introduced to determine the temperature of the 
gas bubble below the liquid slug as a function of time. This additional equation 
might be the energy balance equation that is used to determine the required in-
jection gas volume per cycle, vgsR, explained in the previous section. However, 
the error made by assuming that the gas bubble average temperature is equal 
to the geothermal average temperature is not as large as one might think. The 
work done by the gas bubble, as it pushes the liquid slug to the surface, causes 
a decrease in the gas bubble average temperature; however, the assumed tem-
perature of the gas bubble at that time (taken as the average geothermal tem-
perature as an approximate value) is in reality also lower than the temperature 
of the injection gas at the bottom of the well (when it enters the tubing), thus the 
error in the estimation of the gas temperature might not be too large.

In the following equations, volumes are expressed in cubic feet, areas in 
square feet, velocities in ft./s, pressures in psia, temperatures in °R, mass 
flow rates in lbm/s, tubular diameters in feet, diameters of the orifices and 
chokes in inches, and densities in lbm/ft.3.

First stage, phase a, slug traveling in the production tubing.

This stage begins when the gas lift valve opens and high-pressure gas en-
ters the tubing and ends when the liquid slug reaches the wellhead. The 

■■ FIGURE 10.24 Variables of the mathematical model.
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cross-sectional area of the liquid slug is assumed equal to the cross-sectional 
area of the tubing. Mass conservation in the annulus indicates: the rate of 
change of mass in the annulus is equal to the instantaneous mass flow rate 
of the gas entering the casing–tubing annulus minus the instantaneous mass 
flow rate of the gas entering the production tubing. This can be expressed as:

ρ ρ
+





= − +
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(10.75)

Where Ytc is the volume of the casing–tubing annulus, m1 is the gas mass 
flow rate into the tubing, and m2 is the gas mass flow rate into the annulus at 
the surface. In Eq. 10.75, the density in the annulus is considered to be equal 
to the average of the density at the surface, ρtc2, and the density of the gas at 
valve’s depth, ρtc1. The equation of state is defined as:

ρ = P
M

zR Tu 
(10.76)

Where M is the gas molecular weight, z is the compressibility factor, Ru is 
the universal gas constant, and T is the absolute gas temperature. Introduc-
ing Eq. 10.76 in 10.75:
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If the frictional pressure losses are neglected in the annulus, the gas pres-
sure at depth can be expressed in terms of the surface gas pressure in the 
following way:
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Where Gg is the gas specific gravity, Zp is the depth of the gas lift valve, 
while z and T are the average compressibility factor and average tempera-
ture of the injection gas in the annulus, respectively.

Introducing Eq. 10.78 in 10.77 gives:
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(10.79)

Where m1 and m2 can be calculated using the Thornhill–Craver equation 
from the upstream and downstream pressures of the gas lift valve and the 
surface choke (or control valve) in the surface gas injection line, respectively.

Ytc2dρtc1dt+dρtc2dt=−m1+m2

ρ=PMzRuT

Ytc2MRu1zTtc1dPtc1dt+1zTtc2dPtc2dt=−m1+m2

Ptc1=Ptc2e0.01875ZpGgzTaverage

Ytc2MRu1zTtc1+1zTtc2e−0.01875Zp
GgzTaveragedPtc1dt=−m1+m2
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If it is assumed that the gas bubble that enters the tubing grows at the same 
velocity in which the liquid slug is traveling, the injection gas mass balance 
inside the tubing is then given by:

ρ
ρ= −Y

d

dt
m A Vb

b
1 bsl t pl

 
(10.80)

Where Yb is the gas bubble volume, ρb is the average gas density in the 
bubble, ρbsl is the gas density just underneath the liquid slug, At is the 
tubing area, and Vpl is the liquid slug velocity. The density ρb can be 
expressed as:
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Where ρbro is the gas density inside the tubing at the depth of the gas lift 
valve. Eq. 10.80 can be expressed as:
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Where Zbsl is the length of the gas bubble. Frictional losses are important for 
the gas bubble and they can be expressed as:
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Where f is the friction factor that can be obtained from the Moody dia-
gram, g0 is a constant equal to 32.17 lbm-ft./(lbf-s2), D is the tubing di-
ameter, and Vpl is the gas velocity in the bubble, which is assumed to be 
equal to the velocity of the lower gas-liquid interface of the liquid slug, 
Vsl. Differentiating Eq. 10.83 with respect to time, the following expres-
sion is obtained:

ρ

ρ
ρ

( )

( ) ( )

− + 





+






=
−

dP

dt

dP

dt
f

V V Z

g D

d  

dt

f

g D
V Z

dV

dt

f V V V

g D

2 144

144 2 144

bsl bro pl pl bsl

0

b

0
pl b bsl

pl pl pl b pl

0 

(10.84)

Differentiating Eq. 10.81 and using the equation of state for a real gas gives:
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Ybdρbdt=m1−ρbslAtVpl

ρb=ρbsl+ρbro2

AtZbsldPbsldt+zTbslzTbrodPbrodt=2m1RuMzTbsl−2PbslAtVpl

Pbsl−Pbro=−fρbVplVplZbsl2g0D144

dPbsldt−dPbrodt+fVplVplZbsl2g0D1
44dρb dt+fg0D144VplρbZbsldVpldt=     

                 −fVplVplρbVpl2g0D144

dρbdt=M2RuzTbsldPbsldt+zTbslzTbrodPbrodt
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Introducing Eq. 10.85 in 10.84, the following expression is obtained:
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The momentum balance for the liquid slug is as follows:
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Where ρL is the liquid density, Vsl is the liquid velocity, fl is the friction 
factor for the liquid in the tubing, and g is the acceleration of gravity. The 
pressure on top of the liquid slug, Ptsl, can be calculated from the wellhead 
pressure Pwh by:
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The length of the liquid slug decreases with time because of the liquid fall-
back losses FBt, thus the liquid slug length at a time t + ∆t with respect to the 
value it had at time t is given by:

�( ) ( )− = − −
+

Z Z Z Z F
t t ttsl bsl tsl bsl Bt (10.89)

FBt is equal to the fallback factor F, expressed as the fraction (from 0 to 
1) of the initial liquid column length that is not produced per each foot 
traveled by the liquid slug, multiplied by the initial liquid column length 
and by the distance traveled in a time interval ∆t, (this distance is equal 
to [(Vsl(t) + Vsl(t+ ∆t))/2]∆t). As indicated in several places in this book, F is 
usually equal to 5% of the initial liquid column length per each 1000 ft. 
traveled by the liquid slug (= 0.05/Mft.), so that for each foot traveled by 
the liquid slug, F would be equal to 0.00005 (1/ft.). The reader is advised to 

AdPbsldt−BdPbrodt+fg0D144VplρbZb
sldVpldt=−fVplVplρbVpl2g0D144

A=1+M2RuzTbslf2g0D144VplVplZbslB=1−M2RuzTbrof2g0D1
44VplVplZbslρb=PbslzTbsl+PbrozTbroM2Ru

ρLAtZtsl−ZbsldVsldt=    −144Atg0Ptsl−Pbsl−fl
VslVslAtZtsl−ZbslρL2D−ρLgAtZtsl−Zbsl

Ptsl=Pwhe0.01875Zp−ZtslGgzTave
rage

Ztsl−Zbslt+∆t=Ztsl−Zbslt−FBt
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review the explanation given for Fig. 10.20 to have a better understanding 
of the fallback factor F.

The mathematical model presented in this section assumes that if the bot-
tomhole flowing pressure Pz res is less than the reservoir pressure Pres, then 
the liquid from the reservoir is accumulated at the bottom of the well and 
this liquid is taken into account at the beginning of the next liquid slug gen-
eration stage. The rate of increment of the liquid level, dZl/dt, is given by 
the Vogel equation (used as a rough approximation because the well is not 
producing under steady-state condition):
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Qmax is the maximum liquid flow rate the reservoir could produce if the bot-
tomhole flowing pressure was reduced to zero (expressed in Br/D and there-
fore it has to be multiplied times 5.615 ft.3/Br and divided by 86,400 s/D so 
that the rhs of the equation is expressed in ft./s). The bottomhole flowing 
pressure can be calculated from:

ρ ( )= + −P P Z Z /144zres bro L res p (10.91)

The increment in the liquid level in the tubing (that should be taken into ac-
count at the next liquid slug generation stage) is given by:
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Finally, the numerical solution of the first stage is explained as follows:

Eqs. 10.79, 10.82, 10.86, and 10.87 represent a set of four ordinary differen-

tial equations for the following variables: dP

dt

dP

dt
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dt

dV

dt
, , ,tc1 bro bsl pl. This set of 

ordinary differential equations is algebraically solved for the four variables 
given above at each time t = n∆t, with n = 1, 2, 3...etc. The calculated values 
of these four variables are used, at each time t, to calculate the values of the  
system variables at time t + ∆t, using Euler’s method. For example, to calcu-
late the value of Vpl at t + ∆t from the value of Vpl at t, the following equation 
is used (after finding the value of dVpl/dt at time t):
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First stage, phase b, liquid slug production.

This phase begins when the top of the liquid slug reaches the wellhead and 
ends when the entire liquid slug has been produced to the surface. In this 

dZldt=5.615At86400Qmax1−0.2Pz res
Pres−0.8Pz resPres2

Pzres=Pbro+ρLZres−Zp/144

Zl=Zl+dZltdt∆t+fallback

dPtc1dt,dPbrodt,dPbsldt,dVpldt

Vpl=Vpl+dVpldt∆t
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phase “b” all equations developed for phase “a” are valid with the exception 
of the momentum balance equation for the liquid slug, Eq. 10.87, and the 
wellhead pressure, which is no longer a constant. The momentum conser-
vation equation can be expressed in the form given in Eq. 10.94 with the 
following considerations: (1) the pressure drop at the wellhead is taken into 
account, (2) the pressure at the top of the slug, Ptsl, is replaced by the well-
head pressure Pwh, and (3) the position of the top of the slug, Ztsl, is replaced 
by Zp. The momentum conservation equation is then:
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The last term on the right hand side of this equation represents the pressure 
drop in the wellhead. The wellhead pressure can be calculated if the velocity 
and acceleration of the liquids that have entered the flowline are known. The 
continuity equation of the liquid in the tubing and flowline gives:

ρ ρ=V A V AL sl t L h h (10.95)

Where Ah and Vh are the flow area and the liquid velocity in the flowline, 
respectively. From Eq. 10.95 it is found that:
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Differentiating Eq. 10.96 with respect to time, the liquid acceleration in the 
flowline can be obtained as:
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During the liquid slug production, the wellhead pressure can be calculated 
as the sum of the separator pressure (or production manifold) plus the fric-
tion and the acceleration pressure drops in the flowline:

= + ∆ + ∆P P P Pwh sep fh ah (10.98)

Eq. 10.98 can be written in the following way:
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LH is the length of the liquid slug in the flowline (which can be obtained from  
Eq. 10.96 for a given time interval), fh is the friction factor in the flowline, 

ρLAtZp−ZbsldVsldt=    −144A
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Pwh=Psep+ρL288fhLHVh2g0DH+ρLLH144aHg0
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and DH is the flowline inside diameter. A force balance is performed on the 
gas lift valve to determine if it is opened or closed.

Second stage, displacement of the liquid slug in the flowline.

This stage begins when the entire liquid slug has reached the surface and 
ends when the entire slug has entered the separator or its velocity has 
dropped to zero. The equations for this stage are the same as those devel-
oped for the first stage (phase “a”), but with the following corrections:

j In the momentum balance equation for the liquid slug, the hydrostatic 
pressure drop is not considered because the entire slug is at the same 
level.

j In the continuity equation for the gas bubble, the volume of the 
flowline behind the slug should be considered in addition to the volume 
of the tubing.

Third stage, gas venting.

In this stage, the gas lift valve remains open. The gas is injected into the 
annulus and, from there, into the tubing and flowline. The model assumes 
that no liquid is produced to the surface during this stage. However, as it 
was the case for previous stages, if the flowing bottomhole pressure is less 
than the reservoir pressure, the model assumes that liquid is produced from 
the reservoir and this liquid will be taken into consideration during the slug 
generation stage for the next cycle. The force balance for the gas lift valve 
is performed continuously (at each time interval) and, if it is found that the 
valve is closed, then this stage ends and the fourth stage begins. Continuity 
and momentum equation for the annulus are the same as those for the first 
and second stages. The continuity equation for the gas in the tubing is as 
follows:

ρ
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g-prom.

 
(10.100)

Where ρgwh is the density of the gas at the wellhead, Vgwh is the gas velocity 
at the wellhead and ρg-prom. is the average gas density in the tubing. Using 
the equation of state, the time derivative of the average gas density can be 
found in the following way:
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Subscript “wh” applies to conditions at the wellhead and “bro” corresponds 
to conditions at the gas lift valve’s depth. Inserting Eq. 10.101 into 10.100 

m1−ρgwhVgwhAt=AtZpdρg-prom.dt

dρg-prom.dt=12MRuddtPwhzTwh+PbrozTbro
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and taking into account the fact that the wellhead pressure might be con-
sidered constant for this stage (as a rough approximation), the following 
equation is found:
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The momentum conservation equation for the gas in the tubing can be 
 expressed as:
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Where fb is the friction factor for the gas flow in the tubing and Vg-prom. is the 
average gas velocity in the tubing, which can be calculated from:
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On the other hand, the average gas density in the tubing is given by:
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Introducing Eqs. 10.105 and 10.104 in Eq. 10.103, an expression is found 
that can be used to calculate the gas velocity at the wellhead:
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The equations for the liquid feed in from the reservoir are identical to those 
for previous stages.

The final values of variables Pbro, Ptc1, and Ptc2 of the liquid production stage 
are used as the initial conditions for this stage. Eqs. 10.102 and 10.79 are 
solved simultaneously to find the values of dPtc1/dt and dPbro/dt. The values 
of system variable such as Ptc, m1, m2, Vgwh, Pbro, Ptc1, Pzres, and Zl, can then 
be found using Euler’s equation. For example, the value of Pbro at a time 
t + ∆t can be calculated by:
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dPbrodt=2zTbroAtZpRuMm1−zTbroP
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Fourth stage, liquid slug regeneration

The gas lift valve is closed during this stage and gas from the manifold is 
continuously being injected into the well’s annulus. At the same time, fluids 
from the reservoir are being accumulated at the bottom of the well. The 
equation that expresses the mass balance in the annulus is:
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Following the same steps described for the first stage, an expression is found 
for the time rate of change of the pressure in the annulus:
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Eq. 10.90 can be used to calculate the rate of increase of the liquid column. 
Eqs. 10.109 and 10.90 can be simultaneously solved to calculate dPtc1/dt 
and dZl/dt. These values are then used to calculate Pbro and Ptc1. As calcula-
tions proceed in time intervals, a force balance is performed at each step on 
the gas lift valve to check if it is still closed. This stage ends when the gas 
lift valve opens.

10.7 DESIGN OF ACCUMULATION CHAMBERS
In Section 6.4.3, different types of accumulation chambers are presented, 
along with explanations of how they are operated and some operational 
problems that might be encountered when using this type of completion. 
The equations that are used in the design of accumulation chambers located 
above the top of the perforations (as opposed to inserted chamber, which are 
at, or below, the perforations) are described in this section. Several state-
ments made in chapter: Gas Lift Equipment are verified by a numerical ex-
ample shown at the end of the section. The completion that is analyzed in 
this section corresponds to the one shown in Fig. 6.57.

When the reservoir pressure has declined to very low values, the injection 
gas/liquid ratio increases because the size of the liquid slug to be lifted be-
comes very small and the volume of gas required to lift it is not that much 
different from those needed for larger slugs. One way of reducing the injec-
tion gas/liquid ratio is by installing accumulation chambers, which allow 
the generation of liquid slugs much larger than those the reservoir pressure 
can generate by itself. If, and only if, the PI is large enough, it is possible to 

Ytc2dρtc1dt+dρtc2dt=m2

dPtc1dt=m2Ytc2MRu1zTtc1+1zTtc2e

−0.01875ZpGgzTaverage
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increase the daily liquid production of the well in a noticeable way. In most 
cases, the liquid production does not increase and engineers usually cancel 
the installation of additional accumulation chambers because the reduction 
in the gas/liquid ratio is either not well understood, or such reduction simply 
does not justify the investment involved in replacing current completions.

The objective of these accumulation chambers is to accumulate as much liq-
uid as possible for a given length of the liquid column, but an increment of 
the daily liquid production is not guaranteed by this fact alone because the 
time required to fill accumulation chambers with liquids is longer than the 
time it takes for the liquid slugs to accumulate in simple type completions. 
On the other hand, if the oil has a large gas content (in solution or free but 
trapped within the liquid) it is possible that the net liquid volume accumu-
lated in the chamber at each cycle results in only a small portion of the total 
accumulation chamber volume.

Calculations to find the area ratio and the calibration pressure of the operat-
ing gas lift valve are very similar to those required for simple type comple-
tions described in Section 10.6.1. The equations are basically the same, but 
the following differences must be taken into account.

j At the moment the operating valve opens, the production pressure at 
this valve’s depth, Pto, corresponds only to the wellhead pressure plus 
the weight of the gas column above the valve. This is due to the fact 
that the operating valve is above the accumulated liquid in the chamber.

j In the calculation of factor α′ introduced for simple type completions 
(in Eq. 10.14), the volumetric capacity is not the capacity of the 
production tubing but now it corresponds to the volumetric capacity of 
the chamber.

j The volume of the accumulation chamber should be considered when 
calculating the required volume of gas to be injected per cycle.

In simple type completions, the volume of gas injected per 
cycle should occupy the production tubing from the depth of the 
operating valve, Dov, to the wellhead minus the length of the liquid 
column Q′. If Bgt is the volumetric capacity of the tubing in ft.3/
Mft., then the volume that the injection gas occupies when the 
top of the liquid slug just reaches the surface is (Dov – Q′)Bgt. For 
accumulation chambers, the size of the liquid column Q′ could be 
very large. For this reason, and as a safety factor, for accumulation 
chambers the volume that the injection gas per cycle occupies 
is equal to the total volume of the production tubing plus the 
volume of the chamber itself. Then (Dov – Q′)Bgt is replaced by 
(ChBgc + DovBgt), where Bgt is the volumetric capacity of the tubing 
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in ft.3/Mft., Bgc is the volumetric capacity of the chamber also in 
ft.3/Mft., Ch is the length of the chamber in Mft., and Dov is the 
depth of the operating valve, also in Mft.

j The size of the chamber corresponds to the size of the optimum liquid 
column length calculated in the same way as it was calculated for 
simple type completions, but using the value of the true liquid gradient 
as explained later in this section.

j The operating valve is not necessarily taken as the last (deepest) 
unloading valve because the liquid column to be lifted could be 
much greater than the difference in depth of the top chamber and 
the last unloading valve above the chamber. The last (deeper) 
unloading valve could then be as close as 60 ft. (if necessary) above 
the accumulation chamber’s operating valve. A minimum distance 
of 60 ft. is advised so that wireline jobs can be performed at each 
mandrel without problem in locating the desired one for a particular 
well intervention.

j Because the liquid columns to be lifted could be considerably long, it 
becomes very important to verify at the end of the design calculations 
that the unloading valves would not open as the liquid slug passes by 
each of these valves.

The reader is advised to review the equations given in Section 10.6.1 to have 
a better understanding of the calculation procedures that are described next.

The volumetric capacity of the chamber (bch) in Br/Mft., is given by:

( ) ( )= − +
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Where Dcasing is the inside diameter of the casing in inches. Dod tubing and 
Did tubing correspond to the outside and inside diameters, also in inches, of 
the tubing between the two packers, known as the “dip tube.” The diameter 
of the “dip tube” should not necessarily be equal to the diameter of the pro-
duction tubing above the upper packer. The inside diameter of the produc-
tion tubing above the chamber must be adequate for an efficient production 
operation: it cannot be too small because it will generate a very long liquid 
column once all the liquid from the accumulation chamber has entered the 
tubing, but it cannot be too large either to avoid an increase in liquid fallback 
losses caused by a very slow liquid slug velocity (usually found in large-
diameter tubing strings). The length of the liquid column as a function of 
time is calculated in the same way as for simple type completions, but the 
term α introduced in Eq. 10.17 (α is equal to 1000 α′) in this case is equal 
to J/(1.44 bch) and the liquid column lost as fallback, Q′a, is equal to FDchQ′, 
where Dch is the depth of the perforated nipple just above the lower packer. 

bch=0.97143Dcasing2−Dod tubing2+Did tub-

ing2
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Factor cm is then equal to FDch. The maximum drawdown at the perforations 
is given in this case by:

ρ( )′ = − − −A P D D P f1000sbh pt ch t wh g (10.111)

Following the same mathematical procedure given for simple type comple-
tions (Section 10.6.1), an expression for the liquid column length in Mft. as 
a function of liquid accumulation time t is found as:
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Where A′, α, and cm have been modified as indicated in this section. The 
liquid feed-in time t is in this case equal to the total cycle time Tcycle 
minus the time that it takes for the liquid column to travel from the ac-
cumulation chamber to the surface, which can be calculated as Dch/vat. 
The value of CH represents the length of a liquid column with no gas 
(dissolved or free) that fills the dip tube and the annulus of the chamber. 
The real length of the chamber, called CHT, must then be calculated tak-
ing into account the fact that the liquid has some free and dissolved gas 
in it. For this purpose, the true liquid gradient ρt must be used in the 
following way:

ρ ρ=C C ( / )f tHT H (10.113)

CHT and CH are expressed in Mft. and gradients ρf and ρt are in psi/ft. The 
depth of the operating valve Dov is then equal to Dch – CHT, where the tubing 
pressure is equal to Pwhfg throughout the time the chamber is being filled 
with liquids.

It is important to determine if the injection pressure is high enough to lift 
the liquid column Q′ (in Mft.) that is generated once all the liquid from 
the accumulation chamber enters the production tubing because this col-
umn could be considerably longer than the chamber itself. The hydrostatic 
pressure due to the liquid column Q′ is equal to [1000 Q′ (ρf) + Pwh(fg)], 
where Q′ is considered a 100% liquid (no gas) column that can be calcu-
lated from:

′ =Q C b B( / )H ch t (10.114)

Because the volumetric capacity of the chamber, bch, is greater than the ca-
pacity of the tubing, Bt, the length of the column Q′ is also greater than the 
length of the chamber. For usual tubing and casing sizes, the liquid column 
Q′ could be from 5 to 8 times greater than CH.

A9=Psbh−Dpt−Dch1000ρt−Pwhfg

CH=A9eaρft−11000ρfeaρft−cm

CHT=CH (ρf/ρt)

Q'=CH(bch/Bt)
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Calculation of the OCT is performed as explained for simple type comple-
tions, using the following equation:

γ
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In which, for accumulation chambers, the following parameters are now 
defined as:
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Once the OCT T is found, the daily production in MBr/D can be calculated as:

( )( )= −q C c b
T
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(10.116)

To illustrate the true capacity of accumulation chambers to increase the 
daily liquid production and the problems associated with venting the gas on 
top of the liquid in the annulus of the accumulation chamber, an example is 
presented of a typical good candidate well for intermittent gas lift.

Problem 10.3
Analyze the effects that the volumetric capacity of the accumulation 
chamber and the PI of the well have on the liquid production of a well with 
the following data: Reservoir pressure 450 psig; Top of perforations depth 
2860  ft.; Liquid gradient 0.38  psi/ft.; Production tubing diameter 2⅞  in. 
To make calculations simpler, it is assumed that the gas injection time is 
constant and equal to 5 min and, for the initial estimations, liquid fallback 
losses are neglected.

Solution
The volumetric capacity of a 2⅞-in. tubing is approximately equal to 
5.7 Br/Mft. and an accumulation chamber in a well with a 7-in. casing has 
a capacity of a little less than 40 Br/Mft. These two capacities are taken as 
the extreme values for the present analysis. The PI values investigated are 
0.5, 1, and 1.5 Br/D-psi.

Tcycle=egTcycle−C4egTcycle−cmC4

gegTcycleC2C4

cm=FDchC2=1−cmg=aρfC4=egDchvata=J1.44bch

qf=CH1−cmbch1440Tcycle11000
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Figs. 10.25–10.27 show the production of the well as a function of the total 
cycle time, for different volumetric capacities bch and PIs J.

As can be appreciated in Figs. 10.25–10.27, if the volumetric capacity bch 
increases, the OCT and the liquid production also increase. The liquid 
production increment is greater for greater values of the PI, as can be ob-
served in Table  10.1, where the percent increment in liquid production 
when shifting from simple type completions to accumulation chambers 
with volumetric capacities of 20 and 40 Br/Mft. are shown.

The liquid production increment is proportional to the PI and the vol-
umetric capacity of the chamber. But, as can be seen from Table  10.1, 

■■ FIGURE 10.25 Liquid production as a function of the total cycle time for a 
productivity index of 0.5 Br/D/psi.

■■ FIGURE 10.26 Liquid production as a function of the total cycle time for a PI of 
1.0 Br/D/psi.
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these increments are not as large as it might be concluded from the 
increments in the size of the liquid columns that can be obtained by 
the use of accumulation chambers. If the gas venting problems (that are 
explained later) and the liquid fallback losses are taken into consider-
ation, the actual increments are even smaller than those presented in 
Table 10.1.

An accumulation chamber installed in a well with a 5½-in. casing has a 
volumetric capacity of 21 Br/Mft., while a chamber installed in a well with 
a 7-in. casing has a volumetric capacity of 37.19  Br/Mft. It is better then 
to install accumulation chambers in wells with large diameter casings. It 
is worthwhile noting that as the casing diameter increases, the rate of in-
crease of the liquid flow rate with respect to the casing diameter decreases 
until reaching a constant value, which is very small (especially for low PI 
wells). This is illustrated in Fig. 10.28.

Fig.  10.28 could serve as a guide when making a decision of install-
ing a double-packer chamber or an inserted chamber. Double-packer  

■■ FIGURE 10.27 Liquid production as a function of the total cycle time for a PI of 1.5 Br/D/psi.

Table 10.1 Percent Increase of the Liquid Production  
due to the Installation of Accumulation Chambers 
With Volumetric Capacities of 20 and 40 Br/Mft.

J (Br/D/psi)
% Increase
(bch = 20 Br/Mft.)

% Increase,
(bch = 40 Br/Mft.)

0.5 22 32
1 32 44
1.5 43 63
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chambers have the greatest volumetric capacity, but if the volumetric 
capacity is already large, the additional increment in liquid production 
could be so small that it might be preferable to install an inserted cham-
ber. Even tough inserted chambers have lower volumetric capacities, 
they can handle formation gas better and, at the same time, they can 
increase the liquid production because the liquid columns generated 
inside of these completions do not exert any pressure on the formation.

Problems associated with venting the formation gas on top of the liquids in 
the annulus of the chamber are analyzed next.

As liquids enter the annulus of a double-packer accumulation chamber, the 
gas on top of the liquids must be vented through a bleed valve located just 
below the upper packer. If this gas flow is restricted in some way, the pres-
sure inside the annulus of the chamber increases and the liquid level in the 
dip tube rises faster than it does inside the annulus. The rate of growth of 
the liquid level Q′ inside the chamber, assuming that the liquid level in the 
annulus is the same as the one in the dip tube, is given by:

′ =
dQ

dt
q b/ ch

 
(10.117)

Where Q′ is in Mft., bch in Br/Mft. and q is the instantaneous liquid flow rate 
from the reservoir in Br/D. On the other hand, the gas flow rate that must be 
vented from the annulus for a given liquid flow rate q is:

( )= ′
gQ

dQ

dt
. b5 615 annulart

 
(10.118)

Qg is the gas flow rate vented from the annulus and bt annular is the volumetric 
capacity in Br/Mft. of the chamber’s annulus only. The factor 5.615 (in ft.3/Br) 

dQ9dt=q/bch

Qg=dQ9dt5.615btannular

■■ FIGURE 10.28 Maximum liquid production as a function of the volumetric capacity 
of the accumulation chamber.
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is introduced because the liquid production is given in Br/D and the gas flow 
rate Qg is expressed in ft.3/day. Combining Eqs. 10.117 and 10.118, the gas 
flow rate through the bleed valve should be:

( )=Q q
b

b
.g

annular 5 615
t

ch 
(10.119)

To find the gas flow rate at standard conditions, Eq. 10.119 is modified in 
the following way:

( )=Q q
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In Eq. 10.120, the gas annular pressure Pannular must be expressed in psia and 
the gas temperature Tannular must be expressed in °R. The gas flow rates that 
need to be vented (calculated using Eq. 10.120) are shown in Fig. 10.29. In 
this example, the chamber volumetric capacity is equal to 37.2 Br/Mft. The 
results are given for different annular pressures and instantaneous liquid 
flow rates.

Eq. 10.120 only determines the gas flow rate due to the displacement of 
the gas caused by an increase in the liquid level in the annular space of the 
chamber, but it does not consider:

j The injection gas that remains in the annulus after the gas lift valve closes.
j The gas in solution that evolves from the liquid in the annulus and the 

free gas carried by the liquid into the annulus.

Qg=qbtannularbch5.615

Qgst=qbtannularbch5.615PT52014.7

■■ FIGURE 10.29 Gas flow rate that needs to be vented for different annular pressures 
and instantaneous liquid productions.
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These contributions are very hard to predict, but undoubtedly the actual gas 
flow rates must be greater than those predicted by Eq. 10.120 even for mod-
erate values of the formation gas/oil ratio. It is not unusual to find good 
candidate wells for intermittent gas lift with gas/oil ratios from several hun-
dreds to thousands scf/Br. Assuming that the formation gas/liquid ratio that 
enters the chamber annulus is as large as 350 scf/Br, with liquid produc-
tion from 70 to 120 Br/D, the formation gas that must be vented goes from 
approximately 24,500–42,000 scf/D. The results, shown in Fig. 10.30, are 
obtained using the Thornhill–Craver equation to calculate the gas flow rate 
that can be sustained through the bleed valve with a downstream pressure 
of 60 psig and different upstream (annular) pressures. The figure shows the 
results for bleed-valve orifice diameters of 4/64, 12/64, and 24/64 in. (the 
commonly used RSM-20 chamber gas bleed valve has an orifice diameter of 
4/64 in. and the RV-2 valve’s seat diameter is equal to 24/64 in.).

From Fig. 10.30 it is found that the RSM-20 bleed valve cannot be used to 
vent the chamber for none of the differential pressures across this valve. 
12/64-in. orifices can handle 25,000 scf/D for differential pressures as low 
as 5 psi and 45,000 scf/D for differential pressures greater than or equal to 
15 psi. The RV-2 valve, on the other hand, can handle more than 100 MscfD 
with a differential pressure of only 5 psi.

The differential pressure across the bleed valve should be as low as pos-
sible; otherwise, the liquid level in the annulus could be much lower than the 
liquid level in the dip tube. Fig. 6.59 shows a diagram with the pressures in 
the annulus and in the dip tube, in which it can be seen that the difference in 
the liquid levels is affected by this differential pressure across the bleed port 
and the value of the true liquid gradient of the fluids that fill the chamber. 
The difference between the liquid level in the dip tube and in the annulus 
is shown in Table 10.2 as a function of the true liquid gradient and the dif-
ferential pressure across the bleed port.

In the example corresponding to Fig. 10.30, the differential pressure across 
the 12/64-in. port must be equal to 15 psi to be able to handle 45,000 scf/D 
and if the true liquid gradients values are found from 0.25 to 0.35 psi/ft. (as 
it has been demonstrated in numerous downhole pressure surveys), then the 
differences in liquid levels are going to be from 43.7 to 62.47 ft., approxi-
mately. These liquid level differences are very large for chambers of only 
100–200 ft. in length. It is then important to keep the pressure drop across 
the bleed port as low as possible, especially for low values of the true liquid 
gradient, in order to have small liquid level differences. This is why it is rec-
ommended to be able to bleed the gas from the annulus in an efficient man-
ner. A way of reducing the volume of gas that enters the chamber annulus is 
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shown in Fig. 10.31. The liquids are forced to move downwards to be able 
to pass through the perforated nipple on their way to the chamber’s annulus 
while the accumulation chamber is being filled with liquids, thereby pro-
moting gas separation.

10.8 SIMPLE TYPE ACCUMULATOR
Due to the problems that might take place in accumulation chambers in-
stalled in wells with high formation gas/liquid ratios, a more appropriate 
alternative to increase the lifting efficiency can be achieved by installing 
simple type accumulators. Fig. 6.49 shows a simple type accumulator. With 
this tubing configuration, the volumetric capacity is increased right where it 
is needed to accumulate more liquid per cycle, keeping the rest of the pro-
duction tubing above with a smaller inside diameter to maintain a small vol-
ume of injection gas required per cycle. Formation gas is easily vented to the 
surface without the need of a bleed valve that might restrict the gas flow to 

■■ FIGURE 10.30 Gas flow rate through 4/64-, 12/64-, and 24/64-in. orifice diameters 
for different annular pressures and 60 psig downstream pressure.

Table 10.2 Difference in Feet Between the Liquid Levels in the Dip Tube and in the Annulus of the Chamber.

True Liquid
Gradient
(psi/ft.)

Differential
Pressure = 10
psi

Differential
Pressure = 20
psi

Differential
Pressure = 30
psi

Differential
Pressurae = 40
psi

0.1 100.0 200.0 300.0 400.0
0.2 50.0 100.0 150.0 200.0
0.3 33.3 66.6 100.0 133.3
0.4 25.0 50.0 75.0 100.0
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the surface. The fact that a percentage of the formation gas remains trapped 
in the liquid (especially in viscous fluids) must be taken into consideration. 
The true liquid pressure gradient is less than the one simply calculated from 
the water cut and the oil API gravity; therefore, the size of the accumulator 
must be greater than the liquid column with no formation gas in it.

Another advantage simple type accumulators have is that they do not re-
quire special mandrels or packers, which costs more and increase the pos-
sibility of mechanical failures. Calculations of the area ratio and calibra-
tion pressure of the gas lift valve are performed in the same way as they 
are done for intermittent gas lift in wells with uniform production tubing  
(Section 10.6.1). In general, the equations needed for the design of simple 
type accumulators are basically the same as those for simple type comple-
tions, but the following differences must be taken into account.

j In the estimation of factor α′ that was introduced for simple type 
completions (in Eq. 10.14), the volumetric capacity corresponds to 
the capacity of the lower tubing (which is the accumulator’s capacity) 
and not the capacity of the upper production tubing from the top of the 
accumulator to the wellhead.

j In calculating the required volume of gas per cycle, the accumulator volume 
should be taken into account in addition to the rest of the production tubing.

j The size of the accumulator corresponds to the optimum liquid 
column calculated in the same way as for simple type completions, but 
corrected for the true liquid gradient as is the case for double-packer 
accumulation chambers explained in Section 10.7.

j The maximum injection pressure must be calculated based on the size 
of the liquid column once all the liquid has entered the production 
tubing above the accumulator.

One of the reasons why the inside diameter of the accumulator 
should not be too large compared with the rest of the production 
tubing is the fact that the liquid column to be lifted might be too 
long and could exert a hydrostatic pressure difficult to overcome 
or it might make it impossible to keep the liquid slug velocity high 
enough to maintain the liquid fallback losses at low levels.

The other reason why the inside diameter of the accumulator cannot 
be too large is to avoid very large liquid fallback losses when the 
injection gas is displacing the liquid inside the accumulator. At this 
time, the required injection gas flow rate should be very large to 
achieve a slug velocity of approximately 1000 ft./min. Large diameter 
production tubing strings increase the liquid fallback losses because 
of the low liquid slug velocities caused by the fact that most gas lift 

■■ FIGURE 10.31 Modification at the 
entrance of the annulus to reduce the 
volume of gas that enters the chamber 
annulus.
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systems cannot provide a high enough instantaneous injection gas 
flow rate through the gas lift valve. For this reason, it is also advisable 
to install a section of small diameter tubing (of at least 90 ft. in 
length) between the point of gas injection (the operating valve’s 
depth) and the lower end of the accumulator. In this way, when the 
gas enters the accumulator, the liquid has already been accelerated to 
a velocity high enough to maintain a low liquid fallback.

10.9 INSERTED CHAMBERS AND INSERTED 
ACCUMULATORS
Examples of inserted accumulation chambers and inserted (simple type) ac-
cumulators are given in Figs. 6.62 and 6.70, respectively. Wells with one 
or several of the following characteristics could be good candidates for in-
serted accumulation chamber or inserted accumulator installations:

j Long perforated intervals
j Long ratholes
j Very low reservoir pressure
j Damaged casings or open-hole completions

By installing inserted accumulation chambers or inserted accumulators in an 
appropriate way at or below the formation, the economic life of a very low 
liquid producer well could be considerably extended. The way these insert-
ed completions work (and possible operational problems), are presented in 
chapter: Gas Lift Equipment, together with several examples of the different 
types of available inserted accumulation chambers and inserted accumulators. 
Wells that would otherwise be good candidates for inserted accumulation 
chambers (if it was not for the fact that they produce liquids with very high 
formation gas/oil ratios or have very small casings) are good candidates for 
inserted accumulators. In many ways inserted accumulators are better than 
inserted accumulation chambers, especially because inserted accumulators 
are much simpler completions that can handle formation gas in a better way.

Considerations with respect to the size of the dip tube, opening pressures of 
unloading valves, calibration of the operating valve, and calculations of the re-
quired volume of gas per cycle, are identical to those given for double-packer 
accumulation chambers. However, there are two important characteristics that 
are unique to inserted accumulation chambers or inserted accumulators:

1. Calculation of the daily production is carried out in a completely 
different way.

2. Provisions must be made to correctly vent formation gas, not only 
inside of the inserted accumulation chamber or inserted accumulator, 



59510.9  Inserted chambers and inserted accumulators

but also in the space between the inserted completion and the casing in 
which it is located. Overlooking this fact could considerably diminish 
the liquid production of the well.

It is not possible to know the actual production capability of a well with a 
long perforated interval before installing an inserted completion. Without 
inserted completions, the lower parts of a long perforated interval are ex-
posed to pressures almost as high as the reservoir static pressure. These high 
pressures (compared with the static reservoir pressure) are caused by the 
hydrostatic liquid column of the well’s fluids along the long perforated in-
terval. Even with today’s sophisticated measuring devices, it is not possible 
to know the production capability of the formation at very low bottomhole 
flowing pressure because the only way of finding that out is precisely by in-
stalling an inserted completion that would lower the bottomhole pressure to 
very low levels, making it possible to measure the reaction of the reservoir 
to these relatively low pressures.

Despite what is expressed in the previous paragraph, a way of estimating the 
liquid production of a well before installing an inserted completion can be 
implemented and it is explained next. It is only an approximation because 
it is based on the maximum instantaneous liquid flow rate that the well can 
achieve under intermittent gas lift with a simple type completion. This max-
imum liquid flow rate takes place just at the beginning of the slug generation 
stage of the cycle. The calculation procedure does not take into account a 
possible increase in the formation gas/oil ratio once the well is exposed to 
very low bottomhole flowing pressures (this is a problem that should be 
considered when contemplating the installation of an inserted accumulation 
chamber or inserted accumulator in a gas cap drive reservoir).

To apply the procedure that is explained in this section, the well should be 
producing on intermittent gas lift prior to the installation of the inserted 
completion so that a flowing pressure survey, especially designed for inter-
mittent gas lift, can be run in the well while its liquid production is being 
measured at the surface. A guide to properly run and analyze pressure and 
temperature surveys for wells on intermittent gas lift is presented in Section 
12.3. The maximum instantaneous liquid production a well on intermittent 
gas lift can achieve at the beginning of the cycle can be estimated from the 
result of a downhole pressure survey like the one shown in Fig. 10.32. This 
liquid flow rate is proportional to the slope b of the pressure curve that is 
shown in the figure. The pressure that is plotted is the measured downhole 
pressure just below the gas lift valve “minus the wellhead pressure,” thus the 
pressure shown in the graph is approximately equal to pressure due to the 
hydrostatic liquid pressure only. Slope b in psi/D is the maximum derivative 
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of the bottomhole flowing pressure with respect to time when the liquid slug 
is being generated.

Based on the maximum slope b, the maximum liquid flow rate in Br/D is 
given by the following equation:
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Where, Bt is the volumetric capacity of the tubing where the liquid column 
is generated during the downhole survey (expressed here in Br/ft.), ρf is the 
liquid gradient calculated from the water cut and the oil API gravity (not the 
true liquid gradient). The liquid fallback losses must be subtracted from the 
calculated value of qmax because the initial pressure increment is due to the 
liquid feed in from the reservoir plus the liquid fallback from the previous 
cycle. The value of the liquid fallback can be calculated from the pressure 
survey (with the equations given in chapter: Intermittent Gas Lift Trouble-
shooting) and the production test of the well performed during the survey. 
This corrected value of qmax is a conservative approximation of the liquid 
flow rate that can, in reality, be expected from the well with an inserted 
completion because this liquid flow rate is based on the maximum instanta-
neous liquid flow rate that can be attained in a simple type completion where 
the minimum bottomhole flowing pressure is higher than the minimum bot-
tomhole flowing pressure that can be attained with an inserted completion.

The net volume of the liquid that fills the inserted chamber or accumulator 
can be obtained by multiplying the actual volume of the inserted completion 

qmaxBrD=bpsiDBtBrft.ρfpsift.

■■ FIGURE 10.32 Result of a downhole pressure survey ran in a well with a simple type 
completion producing on intermittent gas lift.
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times the true liquid pressure gradient and dividing the result by the liquid 
pressure gradient obtained from the water cut and the oil API gravity. The 
true liquid pressure gradient is smaller because it takes into account the for-
mation gas trapped and/or dissolved in the liquid. The true liquid gradient 
is also obtained from the downhole pressure survey as explained in chapter: 
Intermittent Gas Lift Troubleshooting. An additional correction of the net 
volume of liquid per cycle must be made: on average, 6% of the net volume 
must be subtracted for each 1000 ft. of depth of the point of injection to take 
into account the liquid fallback losses that will take place during the opera-
tion of the inserted completion.

The depth of the gas injection point is not equal to the depth of the operat-
ing valve (which is usually located just above the packer) but, instead, it is 
equal to the depth of the lower end of the dip tube (at the perforated nipple) 
in case of an inserted accumulation chamber or the depth of the lower man-
drel in case of an inserted accumulator (for fallback losses calculation pur-
pose, the point of injection depth is considered to be the depth at which the 
injection gas actually enters the tubing and not the depth of the operating 
valve). Knowing qmax and the corrected value of the net liquid volume in the 
chamber or accumulator, the required time to fill the inserted completion is 
given by:
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The total cycle time is equal to the liquid feed in time interval calculated 
with Eq. 10.122, plus the gas injection time. The gas injection time depends 
on the type of valve and on its area ratio. A practical rule that can be used 
to estimate the gas injection time (in minutes) is to multiply the depth of the 
point of injection in Mft. times 1.5 (if the gas lift valve is a 1.5-in. diameter 
valve) or by 2 (if the gas lift valve is a 1-in.diameter valve). For example, if 
a 1.5-in. diameter valve is installed at a point of injection located at 4000 ft. 
of depth, the injection time would be 4 × 1.5 = 6 min and for a 1-in. gas lift 
valve it would be 4 × 2 = 8 min. With the total cycle time already calculated, 
the number of cycle per day can be determined and the daily liquid produc-
tion is found by multiplying the number of cycles per day by the corrected 
net liquid volume produced per cycle.

10.10 INTERMITTENT GAS LIFT IN DUAL WELLS
As indicated in chapter: Design of Continuous Gas Lift Installations, dual 
wells are more difficult to design and troubleshoot than wells with only one 
production string. If one or both production strings are on intermittent gas 

Tmin=Net volumeBrqmaxBrDía1440minDay
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lift, the design and troubleshooting procedures are even more difficult. Rec-
ommendations are given in this section for gas lift design procedures and 
operational implementation of dual wells (taking into account if one or both 
production strings are on intermittent gas lift and the type of gas lift valve 
and gas injection surface control being used).

Only dual wells with parallel production strings, which are shown in 
Fig. 6.74, are studied in this section. Fig. 6.74a shows a dual completion for 
which the lower zone can be produced with no additional component. If the 
reservoir pressure of the lower zone is so low that it is not capable of liquid 
accumulation above the upper packer, completions shown in Fig. 6.74b and 
Fig. 6.74c should be used.

In Fig. 6.74b, the effective gas injection point corresponds to the lower end of 
the “dip tube” (which is the inner pipe hanged above the upper packer inside 
the long production string). The operating gas lift valve in this case should 
have a dual action: it should act as a bleed valve while the liquid column is be-
ing generated and as a gas injection valve when high-pressure gas is injected 
to produce the lower zone. This type of completion results inadequate most 
of the time: it restricts the liquid flow when the liquid in the chamber (space 
between the dip tube and the production tubing) is being displaced by the gas. 
The problem in this case is the fact that the dip tube must have a small inside 
diameter to fit into the production tubing. To avoid this restriction to the liquid 
flow, a completion such as the one shown in Fig. 6.74c could be used, in which 
the gas is injected through an external, parallel, injection pipe. In this case, as 
many as necessary unloading valves can be installed along the parallel injec-
tion line using the special mandrels designed for this purpose and shown in 
Fig. 6.19d. It is very important to take into account the friction pressure drop 
along the external injection pipe when calculating the opening pressures of 
the unloading and operating valves. The operating valve’s opening pressure 
should be set higher for the lower zone. The problem with this type of arrange-
ment is the fact that the completion is more complex (having to use a special 
upper packer), increasing the possibility of mechanical failures.

10.10.1 One zone on continuous gas lift and the 
other on intermittent gas lift
If one zone is on continuous gas lift while the other is on intermittent gas 
lift, both with IPO valves (which are recommended because gas injection 
can be controlled from the surface), the closing pressure of the operating 
valve of the production string on intermittent gas lift should be greater than 
the operating pressure of the continuous gas lift string. The diameter of the 
orifice or seat of the operating valve of the continuous gas lift string should 
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be carefully designed to achieve critical flow through it (if possible). In this 
way, gas flow rate fluctuations of the string on continuous gas lift are not 
very pronounced. The commercially available diameter of the seat or orifice 
corresponding to the operating valve of the continuous gas lift string should 
be as closed as possible to the one calculated from the required gas flow rate 
and its upstream and downstream pressures. However because the required 
and the available seat diameters are usually very different, it is recommend-
ed to use chokes installed downstream of the seat because these chokes are 
available in a greater number of sizes.

The surface gas injection control can be performed in several ways:

j If a surface intermitter (time cycle controller) is used, then a choke 
(or a needle valve, or a pressure reduction regulator) should be 
installed parallel to the intermitter so that gas into the production 
string on continuous gas lift can be injected while the intermitter is 
closed. The injection pressure as a function of time looks like the one 
shown in Fig. 10.33.

j Only a needle valve or choke can be used to control the gas injection 
at the surface. In this case, the gas flow rate at the surface should be 
greater than the one required for the string on continuous gas lift. 
The surface injection pressure as a function of time looks the same as 
the one for a well with only one production string on choke-control 
intermittent gas lift.

■■ FIGURE 10.33 Surface injection Pressure. One string on continuous gas lift and the 
other on intermittent gas lift. (Ton: surface controller open, Toff: surface controller close).
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A third alternative might be the use of only a time cycle controller that is 
also capable of controlling the surface injection pressure, so that this pres-
sure never falls below a certain value. In this case, the surface injection 
pressure will also look like the one shown in Fig. 10.33.

If production-pressure-operated (PPO) valves are used, they must be installed 
in the production string on intermittent gas lift and leave the other string with 
IPO valves. The PPO valve should be able to close without a reduction in the 
injection pressure, otherwise gas injection into the continuous gas lift string 
might cease while the PPO valve is opened. A pressure regulator should be 
installed at the surface to keep the injection pressure constant when the PPO 
valve opens. The production opening pressure of the PPO valve must be set 
based on the injection pressure required for the production string on continu-
ous gas lift. The gas injection control in this case is easier than it is for the 
case in which both production strings have IPO valves. The only drawback 
is the fact that it is not possible to control the cycle time from the surface.

10.10.2 Both zones on intermittent gas lift
10.10.2.1 One zone with Injection-Pressure-Operated valves 
and the other with Production-Pressure-Operated Valves
In this case the injection annulus pressure is set according to the PPO valve, 
which must be installed in the production string of the well with lower liquid 
production (but only if the production pressure is high enough to open the 
valve). The zone that produces more liquid should be lifted with IPO valves, 
so that the cycle time can be controlled from the surface for this zone and be 
able in this way to maximize its daily liquid production. If the PPO valve can 
close without a decrease in the annular injection pressure, it is possible to use 
a surface intermitter that opens on a given time interval but that should also be 
able to control the minimum annular pressure. If the PPO valve requires an in-
jection pressure reduction to close, the following arrangement should be used:

j Install an intermitter for the IPO valve that opens at regular time 
intervals and closes after reaching a given injection pressure value 
above the IPO valve opening pressure to avoid skipping one or more 
cycles for not having an injection pressure high enough to open the 
IPO valve.

j For the PPO valve, install (parallel to the intermitter) a pressure 
reduction regulator with a needle valve or a choke.

10.10.2.2 Both zones on intermittent gas lift  
with Injection-Pressure-Operated valves
This is particularly recommended if the production pressures in both zones are 
not high enough to open PPO valves. The injection opening pressure of the 
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zone with the higher cycle frequency should be lower than the opening pres-
sure of the zone with a lower cycle frequency. The IPO valve in the high cycle 
frequency zone can open several times without reaching the opening pressure 
of the IPO valve of the low cycle frequency zone. When the signal is sent to 
open the IPO valve of the low frequency zone, the intermitter remains open 
for a longer period of time so that the IPO valve of both zones can open, but at 
the same time (and optionally) a signal is sent to close the flowline of the high 
cycle frequency zone so that it will not be open for production. The gas that 
is injected into the high cycle frequency string is simply wasted in this case.

10.10.2.3 Both zones on intermittent gas lift  
with Production-Pressure-Operated Valves
The production pressure should be high enough to be able to operate the 
well with PPO valves. The production opening pressure of PPO valves in 
both strings are set with the same operating injection pressure (in the an-
nulus). If PPO valves can close with full line pressure, there is no need for 
any injection control device at the surface, but a pressure control valve can 
also be used to keep the annular pressure constant at any other value below 
full line pressure.

If the PPO valves require an injection pressure drop in order for them to 
close, it is necessary to have a sensor in the flowline that can send a signal 
to close the gas injection pressure controller as soon as the wellhead pro-
duction pressure increases. The pressure controller opens again when the 
flowline pressure has declined and the PPO valve has closed. In this way 
because the gas injection is temporarily stopped, the annular pressure drops 
every time one of the PPO operating valves opens, so that it can eventually 
close. The pressure controller is used to maintain the injection annular pres-
sure at a constant value the rest of the time (when no gas is being injected to 
any of the production strings).

10.11 PLUNGER-ASSISTED INTERMITTENT GAS LIFT
Plungers have been used primarily to unload gas wells when liquids from 
the formation accumulate at the bottom of the well and gas production de-
clines or is reduced to zero. They have also been used in oil wells with very 
high gas/oil ratios as a lifting method that is not considered to be a variation 
of the gas lift method. In all of these cases, the lifting energy is provided by 
the reservoir: a surface control valve keeps the well shut in, while formation 
gas accumulates in the annulus of the well and on top of the liquids that at 
the same time accumulate at the bottom of the well. After a predetermined 
period of time (when sufficient gas has accumulated to lift the liquid column 
that has been generated in the production tubing at the bottom of the well) 
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the surface control valve opens for a given period of time in which the liquid 
slug is produced to the surface.

Plungers can be used to aid intermittent gas lift when the gas lift system is 
not able to provide injection gas at a rate high enough to sustain a liquid 
slug velocity of approximately 1000 ft./min. The reduced liquid velocity 
could be due to: (1) a very low injection pressure, (2) a limited compression 
flow rate capacity, or (3) an inadequate high-pressure-gas storage volume. It 
could also be due to having a gas lift valve with a seat not large enough to 
allow the required high injection gas flow rates into the tubing string.

Metallic plungers are also used when the point of injection is very deep or 
in cases where paraffin accumulation takes place on the walls of the produc-
tion tubing, for which metallic plungers can be used to clean the well.

If it is possible, it is better to identify and correct these problems to avoid 
the use of plungers because plungers cause an increment in maintenance 
and operational costs. At adequate liquid slug velocities, fallback losses are 
approximately the same with or without plungers.

A typical plunger-assisted intermittent gas lift installation is shown in 
Fig. 10.34.

When wireline retrievable gas lift valves are installed above the point of 
injection, plungers must be modified (making them longer) so that they can 
pass through the gas lift mandrels with no difficulties. These modifications 
are not necessary if tubing retrievable unloading valves are used or there are 
no unloading mandrels installed above the point of injection.

Plungers are not recommended (or cannot be used at all) in the following 
cases:

j Liquids produced by the well are too viscous: falling velocity of the 
plunger might be too slow. Once the plunger reaches the surface and 
the tail gas has been produced to the separator, the metallic plunger 
falls and it must pass through the liquid that has already accumulated 
on top of the point of injection. The plunger should reach the bumper 
spring before the next injection cycle begins.

j The production tubing is crooked or it is deviated with a very short 
radius of curvature.

j The production tubing has segments with different inside diameters 
or it has landing nipples, safety valves, or chokes with smaller inside 
diameters above the point of injection.

During the time the liquid slug is being generated, the plunger rests on a 
bumper spring installed in a tubing stop above the point of injection. When 
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the gas lift valve opens, the liquid slug and the plunger are pushed to the 
surface. A lubricator and a plunger catching mechanism are installed at the 
wellhead. The plunger is retained at the lubricator only if the lubricator is 
conditioned to do so: the plunger can then be removed from the well by first 
closing the crown valve. Otherwise, the piston falls back to the bottom of the 
well when the gas that has pushed it to the surface looses strength to keep it 
suspended at the lubricator.

As a reasonable approximation, the great majority of design calculations 
(with some modifications) carried out for intermittent gas lift for single 
completions can also be used for plunger-assisted intermittent gas lift. The 
determination of the OCT and the calculation of the required volume of 
injection gas per cycle are performed as indicated in Section 10.6.1. To de-
termine the required injection volume per cycle, the weight of the plunger 
must be included in the energy balance equation. This plunger weight must 
also be included in the momentum balance equations if mechanistic design 
procedures are used, see Section 10.6.3.

■■ FIGURE 10.34 Plunger assisted intermittent gas lift. (a) completion for tubing retrievable 
gas lift valves, (b) completion for wireline retrievable gas lift valves.
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In addition to what is expressed in the previous paragraph, fallback loss 
calculations should also be modified. Instantaneous fallback losses can be 
estimated from published data for metallic plungers, in which these losses 
are correlated with the plunger velocity. It has been determined that the 
instantaneous fallback loss can be approximated as a linear function of the 
plunger velocity. However, the final fallback losses that can be found in a 
well could be lower than what these linear functions can predict. This is due 
to the fact that part of the liquid that is left behind as the plunger rises might 
be produced to the surface as drops carried by the tail gas. It is extremely 
hard to predict that part of the liquid slug that is produced with the tail gas 
and there are not publications in the literature on this subject. On the other 
hand, the liquid fallback losses can be very large if the plunger does not 
reach the surface.

The instantaneous liquid fallback in Br/s is called FB and it has been related 
to the plunger velocity, VpL in ft./s, with the following equation:

= −F V a b( )B pL (10.123)

Where a, expressed in ft./s, is found experimentally and it represents the 
value of the velocity below which the instantaneous fallback losses become 
negligible. On the other hand, b in (Br/s)/(ft./s) is also found experimentally 
and it is the slope of the line that relates the fallback losses to the plunger 
velocity. The graph of Eq. 10.123 is presented in Fig. 10.35.

The fallback losses ∆FB in barrels for a given time interval ∆t is equal to FB 
∆t. The liquid slug length, L in ft., as the liquid slug travels to the surface 
in the production tubing, can be calculated at each time interval by the fol-
lowing equation:

= − ∆+∆L L F B/t t t B t (10.124)

Where Bt is the volumetric capacity of the production tubing in Br per foot 
of length of the production tubing and L is the instantaneous slug length in 
feet.

10.12 GENERAL CONSIDERATIONS FOR GAS LIFT 
SYSTEMS WITH WELLS ON INTERMITTENT GAS LIFT
The design of a gas lift system is more difficult if there are wells producing 
on intermittent gas lift. The design is even more difficult for a system with 
a small number of wells in which one or several wells are being produced 
on intermittent gas lift. The most difficult system to design is the one that 
only has one well and it is producing on intermittent gas lift. As the number 

FB=(VpL−a) b

Lt+∆t=Lt−∆FB/Bt

■■ FIGURE 10.35 Typical experimental 
data of the instantaneous liquid fallback 
losses as a function of the plunger 
velocity.
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of wells increases, the operation becomes more stable, with lower fluctua-
tions in pressures, as well as in liquid and gas flow rates. This is important 
because to avoid venting injection gas and maintain the compressor operat-
ing without failures, the suction and discharge pressures of the compres-
sor should be as smooth as possible, which could be difficult to achieve 
if the gas lift system’s low- and high-pressure-gas storage volumes have 
not been adequately designed. A good field operation is achieved if the 
system’s gas storage volumes are large enough to take care of normal gas 
injection flow rate fluctuations. The system design should consider a cer-
tain degree of pressure fluctuation by incorporating pressure and flow rate 
control systems to vent or redirect injection gas and total gas production in 
a convenient manner and by having adequate high- and low-pressure-gas 
storage volumes.

When the number of wells is small, the way in which gas injection into inter-
mittent gas lift wells is controlled has a profound influence on the operation of 
the gas lift system. Choke-control intermittent gas lift could be recommended 
for a system with a small number of wells, or with a limited compression 
capacity, so that the wells’ annulus can be used as high-pressure-gas storage 
volumes. This could also be beneficial to the operation of the compressor 
because the discharge pressure is very stable; however, if several wells in-
termit at the same time, the volume of gas into the low-pressure side of the 
system might be too high for the compressor to handle and a good part of this 
volume might need to be vented to keep the suction pressure as constant as 
possible. If the installed compression capacity allows it, this problem can be 
solved by installing surface time cycle controllers, which can be controlled 
to allow only a maximum number of wells to intermit at the same time; oth-
erwise, either the low-pressure side of the system’s gas storage volume or the 
compressor capacity should be increased. If the number of well increases, a 
point is reached in which the type of gas injection control to the wells is not 
very important because the operation of the system is very stable in any case.

To design a gas lift system capable of handling wells on intermittent gas lift 
in an efficient manner, it is important to pay attention to the point where the 
compressor is going to be located. A compressor located as centralized as 
possible in a gas lift field minimizes injection gas pressure drop by having 
shorter gas injection lines. If these pressure losses are not very important, 
the location of the compressor is still important because the gas injection 
and gathering lines can be used as part of the high- and low-pressure-gas 
storage volumes, respectively.

The number of compressors to be used is also a matter to be considered 
carefully. A gas lift field with several compressors would allow shutting 
down one or several compressors at the same time for maintenance (or a 
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sudden failure in one of them) without impacting the total liquid production 
of the field. However, having too many compressors might not be recom-
mended either because it would increase maintenance and operational costs.

To design a compressor, the required maximum injection flow rate, as well 
as the suction and discharge pressures should be known. The following fac-
tors determine the gas flow rate that the compressor should handle:

j Gas flow rate for wells on continuous gas lift and on choke-control 
intermittent gas lift.

j Gas flow rate for wells on intermittent gas lift with time cycle 
controllers that intermit at the same time. The gas flow rate into 
intermittent gas lift wells should be large enough to maintain a liquid 
slug velocity of around 1000 ft./min.

j High-pressure-gas storage volume. This volume includes the surface 
gas injection lines. If this storage volume is very small, casing–tubing 
annuli and gas injection lines of abandoned wells can be used as high-
pressure-injection-gas storage volumes as long as these components 
are in good operating conditions. It is necessary to have a high-
pressure-injection-gas storage volume to reduce peak compression 
requirements for systems with intermittent gas lift wells that use time 
cycle controllers. The injection gas flow rate to a well is very high 
when the controller is opened and zero when it is closed. The high-
pressure-gas storage volume provides the difference between the 
very high gas flow rate requirements that might exists at a given time 
(caused by many cycle controllers opening at the same time) and the 
gas flow rate the compressor can deliver. It is less expensive to provide 
a high-pressure storage volume than to increase the compressor gas 
flow rate capability. If the compressor gas flow rate is very low in 
comparison to the instantaneously required gas flow rate at a given 
moment, the time cycle controllers should be installed as close to the 
wells as possible so that the injection lines can be used to store high-
pressure injection gas.

j The difference between the compressor’s discharge pressure and the 
gas lift valves’ opening pressures: As this difference becomes larger, 
the required high-pressure storage volume is reduced.

j Formation gas/oil ratio should also be considered.

The volume of gas to be compressed to serve the wells should be increased 
by 5–15% to take care of line losses, temperature fluctuations, gas usage as 
fuel for the compressors, and other unforeseen factors that might arise later.

Of all the factors previously mentioned, the gas lift valve’s opening pres-
sure is probably the most important. If the opening pressure is high, the 
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compressor’s discharge pressure should also be high. This might increase 
the power requirement in a considerable way to compress the injection gas. 
This does not mean that the discharge pressure should be designed as low 
as possible. The injection pressure should be designed based on the well’s 
requirements. Even for low-reservoir-pressure wells, the injection pressure 
should be high enough to be able to lift the liquid slugs at velocities close 
to 1000 ft./min. If the slug velocity is very low, liquid fallback losses will 
be very high. Additionally, low injection pressures can cause a reduction 
in the spread of the valve even for valves with large area ratios in choke-
control intermittent gas lift. This could lead to the use of time cycle control-
lers to be able to inject the required volume of gas per cycle. However, the 
volume of gas alone is not sufficient to reduce the liquid fallback losses. 
It is not only necessary to inject the required volume of gas per cycle, it is 
also important to inject this volume at an appropriate rate to keep the liquid 
slug velocity at an acceptable value, which is achieved by having the right 
injection pressure.

The probability of having hydrate formation increases for higher injection 
pressures because at higher pressures the hydrate formation temperatures 
are also higher. Depending on the severity of the hydrate problem, one or 
several of the steps given in Section 10.5 should be considered. Special 
attention should be paid to choke-control intermittent gas lift wells with 
very long cycle time, for which the instantaneous surface gas flow rate is 
extremely low because in these cases the pressure drop across the choke 
might be too large and could cause hydrate formation, erosion of the surface 
choke, and/or difficulties in measuring the gas flow rate.

For gas lift in general, but especially for intermittent gas lift, it is important 
to have wellhead production pressures as low as possible that would allow 
the generation of larger liquid slugs and make it easier for these slugs to 
travel at adequate velocities. But, on the other hand, low suction compressor 
pressures increase the compressor power requirements. The low-pressure 
side of the gas lift system should also have a minimum pressure limit so that: 
(1) the gas–liquid separators can function in an appropriate manner (gas 
velocity can increase inside the separator if the pressure is too low), and (2) 
frictional pressure drops along gathering lines are not too large (very large 
diameter gathering lines might be required if the pressure is very low). A 
balance between these factors is then required during the design of the low-
pressure side of a gas lift system.

The low-pressure side of a gas lift system includes the gas gathering lines 
from the separation pressure control valves located just downstream of the 
separators or flow stations, to the suction pressure controller (used to keep 
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the compressor suction pressure constant) located just upstream of the com-
pressor. As it is the case for the high-pressure side of a gas lift system, aban-
doned wells and inactive gathering lines can be used as additional volumes 
to store low-pressure gas to reduce the pressure peaks caused by the sudden 
flow of gas from intermittent gas lift wells. Chokes in the flowline (away 
from the wellhead) can also be used to reduce pressure peaks because they 
increase the required time to vent the tail gas from the wells to the low-
pressure side of the system. This can only be used as a last resource because 
chokes also increase the necessary time interval for the wellhead pressure to 
decrease to separation pressure thus making it harder for the liquid column 
to accumulate in the well.

The following equations can be used as a guide for determining the high- 
and low-pressure-gas storage volumes.

The required high-pressure storage volume, Vhigh, can be found from the 
following equation:
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−
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Where Vhigh is the high-pressure-gas storage volume in cubit feet, Nwell is 
the maximum number of wells to which gas is injected at the same time, 
Qgia is the average gas flow rate injected to these wells in scf/min, Qgic is 
the compressor capacity in scf/min, 14.7 is the base pressure in psia, Tcycle 
is the average gas injection time per well in min/cycle, Pdischarge is the com-
pressor discharge pressure in psig, and Pinjection is the required wellhead in-
jection pressure in psig. The greater the high-pressure storage volume is, 
the lower the pressure difference between the maximum pressure Pdischarge 
and the required injection pressure at the wellhead Pinjection can be. Hav-
ing greater high-pressure storage volume could then be beneficial if it is 
determined that the injection pressure at the wellhead should be increased 
to improve the efficiency of the gas lift method (like, for example, reaching 
deeper points of injection). On the other hand, a compressor with a lower 
discharge flow rate can be selected (lowering the initial investment cost) if 
the high-pressure storage volume is increased.

The required low-pressure-gas storage volume, VLow, is found from the fol-
lowing equation:
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Where t is the time in minutes that it takes for the produced gas to pass 
through the separator, PL is the pressure of the low-pressure-gas storage 

Vhigh=NwellQgia−Qgic14.7Pdischar

ge−PinjectionTcycle

VLow=NwellQgiaTcycle−Qgict14.7P

L−Pci
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volume in psig, and Pci is the compressor suction pressure also in psig. The 
formation gas is neglected in Eq. 10.126. The total volume NwellQgiaTcycle 
does not instantly go to the low-pressure storage volume because it takes a 
period of time t to do it. During this time, the compressor suctions a volume 
equal to Qgict that reduces the net gain of the low-pressure storage volume. 
Increasing VLow has two advantages: it allows for a reduction of the required 
compressor gas flow rate Qgic or it might make it possible to reduce the low 
pressure PL and, therefore, it might allow a reduction in the separation pres-
sure with all the benefits it brings for the operation of a gas lift wells.

The general production separator should be designed to handle the maxi-
mum number of wells intermitting at the same time plus the wells on con-
tinuous gas lift that are produced to the same separator. Unnecessary restric-
tion downstream of the separator must be avoided. A safety valve should be 
installed in case the separation pressure gets to be too high. The pressure 
setting of the safety valve should be higher than the set pressure of the sys-
tem pressure controller that is used to direct gas to vent or sale lines when 
the pressure gets to be too high.

The test separator should also be able to individually handle all wells that 
are directed to it. If the gas flow rate is measured by an orifice plate, it must 
be correctly sized to measure the periodic increase in the gas flow rate and 
to keep the separator pressure from reaching the safety valve’s set pressure.
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Chapter 11
Continuous gas lift troubleshooting

11.1 INTRODUCTION
The first objective of troubleshooting analyses for wells on continuous or in-
termittent gas lift is to find out the current point, or points, of injection depth 
or understand why the well is not receiving any injection gas at all. Once the 
point of injection depth is known, the reasons why the well is not producing 
as efficiently as it should (if that was the case) can be determined. Through 
troubleshooting analyses it might be possible to understand why, for exam-
ple, the liquid production is different from the one that was expected, or the 
injection gas flow rate is too high, or the well is producing with serious in-
stabilities, etc. If the injection pressure and the liquid production are stable, 
troubleshooting analyses are done following the techniques developed for 
continuous gas lift. There are wells that have been designed for intermittent 
gas lift that operate with a stable gas injection pressure and therefore they 
should be analyzed as continuous gas lift wells. Field and analytical trouble-
shooting techniques for wells that are producing on continuous gas lift are 
explained in the chapter. Troubleshooting techniques for intermittent gas lift 
are presented in chapter: Intermittent Gas Lift Troubleshooting.

Sometimes the liquid production flow rate is constant (not in batches) but 
the gas injection pattern looks exactly like the one found in an intermittent 
gas lift well. In this case, the well should be analyzed “in an approximate 
way” as a continuous gas lift well (applying the techniques for intermittent 
gas lift will be totally wrong if the liquid production is continuous).

Wells should not be analyzed only when they appear to have a problem. 
Some of the reasons for troubleshooting a well (regardless of its current 
status) are:

j To have a reference state in case something fails in the future.
j To make sure that gas is actually being injected through the design 

point of injection.
j To determine if the actual gas lift design is adequate for current 

operational conditions: The objective in this case is to detect 
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opportunities of increasing the liquid production or reducing the 
injection gas/liquid ratio by adjusting the design of the gas lift valves.

Sometimes the actual point of injection is higher up in the well than its de-
signed depth and this situation can go unnoticed for a long time if the well 
is not rigorously analyzed, maybe because the optimization team is over-
whelmed with a large number of gas lift wells (this situation is not found in 
other artificial lift methods in which failures are usually catastrophic). If the 
number of wells is too large for the optimization team to handle, it is recom-
mended to analyze the wells right after the gas lift valves are installed and 
then, by means of a selection procedure explained in Section 11.6, each well 
is given a priority based on its deviations in gas consumption, liquid produc-
tion, injection gas/liquid ratio, last date it was analyzed, etc.

11.2 GENERAL DIFFICULTIES ENCOUNTERED 
WHEN TRYING TO PERFORM TROUBLESHOOTING 
ANALYSES OF GAS LIFT WELLS
Troubleshooting wells on gas lift is a very complex task. This is due to the 
large number of possible events that can take place in the operation of a 
well, some of which are explained in the next section in detail. However, 
the analysis is usually even more difficult to perform due to the following 
list of difficulties normally found by optimization engineers when trying to 
troubleshoot the operation of a well.

j It is usually difficult to calculate the IPR curve because of reservoir 
complexities or lack of relevant information like, for example, the static 
reservoir pressure. Unavailability of downhole flowing pressure and 
temperature surveys in conjunction with well production tests is also 
a serious issue. Most of the time, there is an insufficient number of 
pressure buildup tests from which the current reservoir static pressure 
and formation damage can be obtained. The main reason for this lack of 
available buildup test data is because these tests are expensive and take 
several days to complete. Flowing pressure and temperature surveys are 
not as expensive but they involve some operational risks. If the static 
reservoir pressure is known, flowing pressure and temperature surveys, 
combined with well production tests, can be used to calculate the IPR 
curve very easily. Once the IPR curve is determined, it is possible to 
find out if the well is producing at its optimal production rate using 
the nodal analysis techniques that are explained in the chapter. If the 
static reservoir pressure is uncertain, it is then absolutely necessary to 
perform either buildup or multirate tests. The optimization engineer 
should be in close contact with the reservoir department to know 
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the dates of the latest built up tests and, if necessary, coordinate the 
execution of future tests and flowing pressure and temperature surveys.

j The following parameters are usually missing or the quality of 
their measurements is very poor: wellhead injection and production 
pressures, gas injection and liquid production flow rates, total gas 
production, water cut, injection and produced gas specific gravities, 
and PVT data in general. If the gas flow rate is measured with orifice 
plates, sometimes the orifice plate diameter is unknown or the pressure 
sensors are not properly calibrated. Wellhead pressure sensors (used 
for two- or three-pen chart recorders) can show inaccurate readings 
due to numerous causes that are explained in detail in this section. 
These wellhead pressures are usually recorded in 1-h, 24-h, or 7-day 
charts (7-day charts are not recommended for detail analyses but 
they can be used to spot problems in fields with a large number of 
wells that are not automated). Wellhead pressure charts are now being 
replaced by electronic measurements that can be retrieved in real time 
as “pressure or temperature versus time” graphs known as “tendency 
curves.” Because “old charts” are still in used in many places around 
the world, a long list of possible problems that can happen with 
traditional wellhead pressure chart recorders is given at the end of 
this section. Not knowing the injection gas specific gravity can make 
it impossible to predict the actual point of injection because the error 
in the estimation of the injection pressure at depth can be as large as 
several hundred psi, depending on the depth of the gas lift valve and 
how different the actual and estimated gas specific gravities are. The 
specific gravity should be periodically measured, together with other 
important parameters of the injection gas such as its humidity and 
concentrations of corrosive components like CO2 and H2S.

j The total gas/liquid ratio is one of the most difficult parameter to 
measure due to the erratic behavior that the differential pressure might 
show at the orifice plate (or any gas flow rate measurement device 
used) located at the gas exit of the test separator if the production 
flow rate of the well is fluctuating. Charts from the total gas flow rate 
recorder should be directly checked by the optimization engineer to 
establish the magnitude of the error. Based on the severity of the error, 
a sensibility study might be recommended to determine how this error 
affects the analysis needed to be carried out for troubleshooting the 
well. Because the diameter of the orifice plate at the test separator is 
more frequently checked than the one at the gas injection manifold, the 
gas flow rate measurement at the test separator might be more accurate 
than the measurement of the injection gas flow rate at the gas injection 
manifold, especially if the production of the well is stable.
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j Water cut is another parameter that is usually inaccurately measured 
in the field. This is due to the fact that test separators are usually 
two-phase separators and not the required gas-oil-water separators. 
Using three-phase separators is the only way to accurately measure 
the water cut at this moment. The common way of measuring the 
water cut is by relying on analyses made of fluid samples taken at the 
well-head. These samples should be taken at points at the wellhead 
or flowline where important flow turbulences are present to try to 
improve the accuracy of the water cut measurement. Line electronic 
water cut measurement devices, installed at the liquid exit of two-
phase separators, are being developed, but the technology is not quite 
ready yet.

j Lack of reliable measurements of the water cut and the total gas/liquid 
ratio makes it impossible to accurately predict the production pressure 
traverse curve. Production pressure at valve’s depth is important, 
especially but not exclusively, for production-pressure-operated (PPO) 
gas lift valves because it is used to calculate the gas flow rate through 
a gas lift valve and to determine if the valve is closed or opened. If the 
gas lift valve is indeed opened, the production pressure at valve’s depth 
can be used to determine the type of gas flow through the gas lift valve: 
orifice or throttling flow. Furthermore, if the production pressure along 
the well cannot be accurately calculated, it is not possible to estimate 
the bottomhole flowing pressure to use nodal analysis as an important 
tool to troubleshoot the well.

j Poor accuracy of the multiphase flow correlation that is used to find 
the production pressure and temperature along the production tubing 
(if gas is injected down the annulus) or, especially, along the annulus 
(if gas is injected down the tubing) is also a major difficulty. It is 
important to know the temperature along the tubing to determine 
if nitrogen-charged gas lift valves are opened or closed. Flowing 
temperature and pressure surveys, performed on the same day the well 
is tested, can be used to determine the accuracy of multiphase flow 
correlations. If the well production test cannot be performed on the 
same day the survey is run, the well can be tested a few days after or 
before the survey, as long as the wellhead pressure and the injection 
gas flow rate are kept constant. Instructions should be given to the 
wireline crew performing the survey not to shut in the well prior or 
during the survey nor do anything that will change the injection gas 
flow rate or the wellhead production pressure.

j Deep wells are harder to analyze because: (1) the number of gas lift 
valves and the possibility of valve interference are greater, and (2) there 
are more possible depths where the current point of injection can be 
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located (the number of calculations to be performed is considerably 
increased).

j The use of PPO valves has advantages and disadvantages. In wells 
for which the available surface gas injection pressure is too low or 
constantly changing, PPO valves can be used to reach deeper depths 
of the operating point of injection. The combination of PPO unloading 
valves with an orifice valve at the point of injection provides great 
flexibility regarding the maximum gas flow rate of injection because this 
flow rate can be increased to any value without opening an unloading 
valve due to the fact that the opening pressure of PPO valves is mainly 
determined by the production pressure. Increasing the gas flow rate can 
make the injection pressure rise to the opening pressure of an unloading 
IPO valve that should remain closed during the normal operation of the 
well. But the great disadvantage of PPO valves is the fact that they make 
it very hard to find out the current point of injection. It is very easy to 
calculate the gas injection pressure at depth and because IPO valves 
mainly respond to this gas injection pressure, it is easy then to determine 
if they are opened or closed by knowing the surface gas injection 
pressure even if the production pressure at valve’s depth is not very well 
defined. PPO valves, on the other hand, mainly respond to the production 
pressure, which is very difficult to calculate because: (1) multiphase flow 
correlations are not very accurate, (2) the water cut and/or the gas oil 
ratio might not be accurately known, and (3) the exact point of injection 
is not known (or needs to be determined) and the production pressure 
depends on this depth.

j Troubleshooting analyses of wells with PPO valves are even more 
complex if there is a possibility of solid depositions (scale deposition) 
on the wall of the production tubing because it increases the 
uncertainty of the calculated production pressure. In these cases, little 
can be done in terms of analytical troubleshooting procedures and it is 
recommended to check from time to time if there are solid depositions 
along the production tubing using tubing gauges or paraffin cutters (in 
places where these problems can exist).

j In very few cases, the following important and basic well information 
could be missing: production tubing diameter, number and depths of 
gas lift mandrels, type and calibration of gas lift valves, among other 
subsurface data. Tubing inside diameter and its length can be found 
using wireline tools, such as tubing gauges and tubing end locators, see 
Fig. 6.38e. It is possible to find the depth of the mandrels using kick 
over tools. This could turn out to be a time consuming task but it is 
doable and economical. Gas lift valves should be retrieved as there is 
no way of knowing their type and calibration. This is a delicate process 
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that can only be trusted to experienced wireline operators because the 
type of mandrel (which is not known) determines the type of latch as 
well as the running and pulling tools. An experienced wireline operator 
can estimate the type of mandrel by an elimination process carried 
out at the well site. Although more expensive, finding the depths of 
mandrels, landing nipples, circulating sleeves, and even parts of the 
tubing that have been corroded, can be very effective if instrumented 
wireline tools, such as casing collar locators (CCLs), are used. The 
depths of the perforations can be estimated using temperature surveys 
with highly sensitive sensors and techniques that are explained in 
Section 11.5.2. The depths of the mandrels can also be detected using 
sounding devices as explained in Section 11.5.3.

j Even though only under extreme circumstances well information 
as basic as the ones described in the previous paragraph are totally 
missing (maybe because the well files have been lost in a natural 
disaster and the operating company did not have electronic back-up 
data), there are many ways of estimating most of the lost information. 
For deviated wells, for which the depth-deviation data has been lost, it 
is possible to find the angle of deviation at each point along the tubing 
by means of electronic tools that can be run in the well by wireline. 
If these tools are not available, the depth-deviation profile can be 
estimated by static pressure surveys, for which it is important to know 
the wellhead pressure, well fluid static pressure gradient, and the static 
fluid level. The static fluid pressure at each point along the tubing is a 
linear function of the “true vertical depth.” Thus, if the static pressure 
is known, the true vertical depth can be calculated and because the 
measured depth is reported for each pressure measurement, it is easy to 
find the inclination angle (keeping in mind that the wireline elongates 
in a certain way as it is run in the well). If the static fluid level is below 
the point where the tubing begins to deviate from the vertical, it is 
necessary to fill the tubing with well fluids (installing a check valve at 
the bottom of the tubing to keep the fluids from being absorbed by the 
formation). When all data from a particular well is lost, it is advisable 
to review how nearby wells were drilled and completed around the 
time the well with the missing file was drilled.

The following is a list of errors and operational problems that can be en-
countered while using or installing two- or three-pen chart recorders that 
adds difficulties to the troubleshooting process.

j The clock mechanism might not work correctly (too fast or too slow) 
or it has been set for one rotation every 7 days with a 24-hour chart or 
vice versa.
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j One of the small-diameter instrumentation lines, that are used to 
connect the pressure sensors to the wellhead, could be plugged and 
the pressure being recorded is simply the pressure trapped inside the 
instrumentation line and not the real production or injection pressure. 
Many times this is easily detected (although not conclusive) in charts 
showing an intermittent gas injection pressure pattern with a constant 
production pressure or vice versa. It is also possible that an operator 
left one instrumentation valve closed by mistake, causing the same 
effect of a plugged instrumentation line.

j One pen could be dragging the other giving the wrong impression that 
both pressures are changing simultaneously in the same way.

j One pen is hard-pressed against the chart, not allowing it to move 
freely as the pressure changes.

j The pressure chart recorder might be vibrating, causing the pens to 
move, giving also a wrong impression of pressure fluctuations that 
are not real. This happens when the chart recorder is mounted directly 
on the flowline (which might vibrate) or in any support that is easily 
moved by the wind or any surrounding vibration.

j The calibration of the pressure sensors should be verified with a dead-
weight tester (if possible) before they are installed in the field. Once in 
the field, if they are opened to atmospheric pressure and the readings 
do not go down to zero, they definitely need to be calibrated. But even 
if readings do go to zero, it does not necessarily mean that they are 
properly calibrated. One way of checking their calibration in the field 
is by using a precisely calibrated sensor as a reference. Another way of 
checking the calibration in the field, if a reference sensor is not at hand, 
is by switching the pressure signals so that the production pressure 
sensor now measures the injection pressure and the injection pressure 
sensor measures the production pressure. In this way, the production 
and injection pressures should be approximately the same, regardless 
of the sensor being used. To do this procedure, it should be checked 
if the production sensor maximum reading can handle the current 
injection pressure, otherwise the sensor might be damaged or give 
wrong measurements. In troubleshooting analyses of wells with IPO 
valves, the calibration of the gas injection pressure sensors is extremely 
important compared with the production pressure sensor.

j In some cases, the maximum pressure that the sensor can measure is 
less than the actual pressure. The readings in these cases will look as 
a steady pressure at the maximum value that the recorder can register. 
The real pressure might be steady or fluctuating at a higher value. For 
maximum accuracy, the readings should always be between 20 and 
80% of the full scale of the pressure sensors.
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j Sometimes operational errors are made. For example, not collecting 
the charts at the right time causes the pressure traces to be overwritten, 
making it very difficult to know the actual behavior of the injection 
and/or production pressure. Another operational error is not providing 
enough ink to the pens so the pressure traces disappear shortly after 
setting the charts; or, on the contrary, too much ink is used causing a 
big stain on the chart. In very dry and hot desert areas, the ink might 
evaporate during the day.

j If the connection of the injection pressure sensor is upstream of the 
surface choke or, in case of intermittent gas lift, the connection is 
upstream of the time cycle controller, the measured pressure would not 
be equal to the wellhead injection pressure. In general, the connection 
of the injection pressure sensor should be downstream of any 
restriction before reaching the wellhead.

j If the connection of the production pressure sensor is located 
downstream of the wellhead choke housing or any other restriction, 
the measured production pressure might be different from the actual 
wellhead production pressure. Even with the choke housing empty, 
it might represent a serious restriction to the production liquid flow 
because of the reduced inside flow area of the choke housing.

Two-pen chart recorders are still widely used but, in many fields, they have 
been replaced by electronic sensors that send their signals to a data acquisi-
tion system so that the engineer can review them in graphs that show the 
pressure behavior in time. In this way, the accuracy of the measurements is 
improved and the data can be accessed in real time. However, these sensors 
are not trouble-free and the optimization engineer should be aware of some 
weak points that new technologies have:

j An instrument’s connection can still be plugged or an operator can 
leave an instrumentation valve closed by mistake. Instrumentation lines 
could also be installed in wrong places at the wellhead: downstream 
of production liquid flow restrictions or upstream of any injection gas 
flow restriction.

j Electronic sensors also need to be calibrated. Additionally, in computer 
programs used to handle the raw data, wrong factors could be used 
to translate the signal from volts or Amps to psi or °F. Data such as 
orifice plate diameters should be entered and updated manually into 
these programs and acquisition systems and these data do not always 
coincide with the actual values in the field. Routines that are used to 
calculate the gas flow rate, for example, can have mistakes or might 
be using wrong data such as the wrong injection gas specific gravity. 
These errors are hard to notice because the persons responsible for 
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the computer codes do not always communicate with the optimization 
team.

j The data acquisition scan rate should be adequate. For example, one 
measurement every 15 min might be all that is needed for a stable 
operation in continuous gas lift, but totally inadequate for intermittent 
gas lift, for which 20 s per measurement might be better.

j Power outages might create total data black out. Power back-up 
systems should be installed in places where this problem could 
frequently occur.

11.3 CAUSES AND CORRECTIVE ACTIONS FOR 
POSSIBLE FAILURES AND/OR LOSS OF LIFTING 
EFFICIENCY
Possible failures of the subsurface gas lift equipment or any other component of 
the completion of the well, as well as problems in the gas injection line and the 
flowline, are presented in this section. Additionally, operational conditions that 
can cause inefficiencies in the gas lift method are described. Corrective mea-
sures that should be taken to solve these problems are also given in this section.

11.3.1 Most common failures and/or loss of lifting 
efficiency
11.3.1.1 Instabilities
Production instabilities usually cause an increase in the injection gas/liquid 
ratio, as well as numerous operational problems at surface facilities. The 
following problems are some of the principal operational conditions that 
can induce instabilities: (1) inappropriate gas lift design (wrong valve seat 
diameter or inadequate valve temperature prediction); (2) hydrate genera-
tion that can reduce, or completely block, the surface injection gas flow rate 
(as soon as the gas flow rate drops to zero, hydrates begin to melt and gas 
flow is restored until hydrates are generated again); (3) pressure fluctuations 
of the gas lift compression system or at the flow station; (4) a hole anywhere 
along the production tubing or unwanted communications at the production 
packer or wellhead; (5) instabilities of the injection gas flow rate (problems 
at the surface injection flow control valve); and (6) tubing flow area too large 
for current liquid production levels.

j Instabilities (inadequate gas lift design: wrong seat diameter). 
Regarding inappropriate gas lift designs, using the wrong valve seat 
diameter is one of the most frequent design flaws. Gas lift valves with 
seats larger than actually needed can cause valve interference (as 
explained in chapter: Design of Continuous Gas Lift Installations) or 
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make it impossible to transfer the current unloading point of injection 
to the design operating valve (because the injection annular pressure is 
reduced due to the high gas flow rates that these large seats can allow 
and these gas flow rates could, in turn, reduce the temperature of the 
gas lift valve that is unloading the well at that time, thereby reducing 
its closing pressure). Larger than required valve’s seats are found when 
the well produces less liquid than expected. This problem can be easily 
overcome by changing gas lift valves or temporarily increasing the 
gas flow rate even further to be able to transfer to the next valve (for 
this operation, the required injection gas flow rate could be very high 
because gas will need to be injected through several points at the same 
time before reaching the final operating point of injection). Valves 
with seats smaller than required can also cause serious problems if 
they are located below the reservoir static liquid level. Small seats 
might not be capable of injecting the required gas flow rate to reduce 
the production pressure and be able to transfer the point of injection 
to the next valve below. In this case, if gas injection is increased at 
the surface in an attempt to lower the production pressure, it might 
be possible that the injection pressure in the annulus is also increased 
to a point at which one or several upper unloading valves open and it 
might not be possible to inject the required gas flow rate at the current 
point of injection to lower the production pressure at the next deeper 
valve. If the valve with the very small diameter seat corresponds to the 
first (shallowest) valve, it is possible that, by increasing the injection 
gas flow rate, the injection pressure is increased to a pressure very 
close to line pressure (or maximum available pressure at the injection 
manifold), so that the gas flow rate cannot be increased any further 
(this is rarely a problem because the first valve is usually located 
above the static reservoir liquid level). Above the reservoir static liquid 
level, small seats do not represent a problem because the reservoir 
is not capable of producing any fluids so that eventually, even at low 
injection gas flow rates, the point of injection will be transferred to the 
next valve below.

j Instabilities (inadequate gas lift design: wrong valve temperature). 
Another source of instability regarding gas lift designs could be 
due to an inadequate valve temperature prediction: If the actual 
unloading temperature of a nitrogen-charged gas lift valve is greater 
than its design temperature, it might close at the initial stages of the 
unloading process because of the high dome (nitrogen) pressure. After 
the unloading valve closes due to high temperature, the well’s liquid 
production might be reduced or stopped, allowing the valve to cool so 
that its opening pressure is reduced back to its design value and the 
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valve can open again. On the other hand, if the actual temperature is 
lower than the design temperature, an unloading valve might remain 
open, not allowing the unloading process to continue. This latter 
problem could be overcome by increasing the injection gas flow rate so 
that the injection pressure can be higher and the next lower unloading 
valve can be reached; however, increasing the gas flow rate might not 
work in some situations that are explained in the chapter.

j Instabilities (hydrates). Hydrates can partially block the gas passage 
through the surface gas injection control valve (or a choke installed for 
the same purpose) causing a reduction in the gas injection pressure at 
the wellhead. The gas flow rate might also be reduced to zero. When 
the gas flow rate is entirely blocked, the cooling effect ends because the 
injection gas is no longer being expanded at the control valve and then 
hydrates begin to melt rapidly, allowing injection gas to pass through 
the surface control valve once again. This cycle can repeat itself 
many times and this instability can last for hours until the ambient 
temperature increases and the injection pressure is stabilized. If the 
ambient temperature is never high enough, the injection instability will 
not stop. The fluctuation pressure pattern caused by hydrates is many 
times easily identified as shown in Fig. 11.44.

 Hydrate problems can be avoided, or reduced, by taking one, or several, 
of the following corrective actions: (1) continuous methanol or glycol 
injection to lower the hydrate formation temperature (this action is 
appropriate in places where hydrates form only during a few days of the 
year). Recent publications show important results in lowering the hydrate 
formation temperature using better suited chemical products (Nengkoda 
et al., 2009); (2) heating the injection gas upstream of the flow control 
valve (costly and risky, but can be effective if the problem is present 
all year long); (3) the compressor after-cooler (in small compression 
units) could also be bypassed to keep the injection gas warm; (4) install 
dehydration plants (very expensive, but can be justified if a large number 
of wells is affected by hydrates or corrosion represent a problem); (5) 
heat exchangers can also be used to keep the injection gas warm just 
upstream of the flow control valve (liquid production from the well can 
be used to warm up the injection gas); or (6) redesign the gas lift valves 
(if possible) so that the large pressure drop takes place at the downhole 
point of injection and not at the surface gas injection flow control valve. 
Methods to determine if hydrates can form in restrictions, or along 
gas injection lines, are presented in chapter: Gas Properties. The use 
of automated flow control valves, with the injection gas flow rate at a 
give set point, can also reduce the problem because, as soon as the gas 
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flow rate decreases, the valve will open wider, getting rid of the hydrate 
crystals in the process.

j Instabilities (unstable gas lift system pressure). Regarding instability 
problems created by fluctuations in the gas lift system pressure, the 
following steps can be taken if these fluctuations are frequent and/or 
important: (1) Use PPO valves (although sometimes this attempt to solve 
the problem could make things worse); (2) install pressure control valves 
to keep the pressure upstream of the choke (or the gas flow rate control 
valve) constant (for this solution to work, the minimum system pressure 
should be greater than the required gas injection pressure just upstream 
of the surface gas injection choke, or flow control valve, so that the gas 
flow rate injected into the well can be maintained at a constant value); 
(3) install automatic flow control valves to regulate the gas flow rate to 
each well; or (4) replace the orifice valve at the point of injection by a 
calibrated gas lift valve, which offer a control action by regulating the 
injection gas flow as needed by the well (as explained in Chapter: Design 
of Continuous Gas Lift Installations).

 System pressure fluctuations are usually caused by: (1) small 
compression capacity compared with gas flow rate field requirements; 
(2) frequent compressor shut downs due to aging or inadequately 
designed compression plants; (3) Too small high- and/or low-pressure 
gas storage volumes of the gas lift system; (4) frequent trips or kickoffs 
of wells with high injection or production gas flow rates; or (5) large 
ambient temperature fluctuations during the day.

j Instabilities (hole in the tubing). A hole in the production tubing 
(or leaks at the wellhead or downhole packer) can create serious 
operational troubles.

Any communication between the injection annulus and the 
production tubing, different from that provided by a gas lift valve, 
represents an uncontrolled point of gas injection. If the hole is 
above the static liquid level, the well might end up circulating 
the injection gas with no liquid production and usually at low 
injection pressure (unless the hole is very small and a sufficiently 
high injection pressure makes it possible to inject gas at the same 
time through a lower gas lift valve). If the hole is below the static 
liquid level, the well might produce liquids in a stable or unstable 
manner, but usually with a reduced liquid production, especially 
if the communication is large and located at a shallow depth with 
respect to the design point of injection. If a large communication 
between the annulus and the tubing occurs at the wellhead, the well 
might only circulate gas (with no liquid production) and signs of a 
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cool wellhead might be noticeable (such as condensed water drops 
on its surface).

If the well is a low liquid producer well, large communications cause 
an increase in injection gas flow rate, a decrease in the injection 
pressure, and a stable or mildly unstable behavior. Very large 
injection and production pressure fluctuations normally take place in 
wells (with tubing-annulus communications below the static liquid 
level) that can produce at moderate to large liquid flow rates.

It is also possible that gas might be injected into a shallow 
formation (or into the annulus B of the well if it has one) through 
a hole in the casing. In case of a damaged or weak casing, gas 
should be injected through a separate string, parallel to the 
production tubing, connected to all gas lift mandrels (which are 
specially manufactured for this type of completion). These special 
gas lift mandrels are shown in Fig. 6.19d and they are installed 
in completions like that shown in Fig. 6.46c. For highly localized 
casing failures, recently developed casing patches can isolate the 
part of the casing that is damaged in a successful way.

When the annulus-tubing communication is below the static liquid 
level, it is possible that liquids flow from the tubing into the gas 
injection annulus. In these cases, it is a good option to measure the 
liquid level in the annulus using sounding devices (as explained 
in Section 11.5.3), knowing that the liquid level coincides with 
the hole in the tubing only when the hole is just about to be 
“uncovered” by the gas. Distributed temperature measurements by 
fiber-optic techniques can also be used to locate tubing holes in 
wells with stable or unstable production, see Section 11.5.7. If the 
production is stable, the depth of the communication can be found 
by continuous temperature surveys (with no discrete stops) with 
highly sensitive temperature sensors. Once the depth of the hole is 
found, it can be isolated using “packoff” completions like the one 
show in Fig. 6.44. A gas lift valve that has not been properly set 
inside the gas lift mandrel’s pocket makes the well behaves exactly 
as if it had a hole in the tubing. There are other techniques that 
can be used to find the depth of a hole in the production tubing (or 
casing) that are explained in the chapter.

j Instabilities of the injection gas flow rate (problems at the surface 
injection flow control valve). An erratic behavior of the injection gas 
flow rate could be due to a failure of the internal components of the 
surface injection gas flow rate control valve. This erratic behavior 
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could also be due to dirt accumulation or hydrates that affect the 
operation of the surface flow control valve. When the gas flow rate is 
measured by means of an orifice plate, it is usually easy to determine 
the cause of the erratic behavior of the gas flow rate just by looking at 
the pattern of the differential pressure on the gas measurement charts 
(hydrates and internal valve component failures generate different 
patterns that are easy to recognize, as shown in several examples in 
Sections 11.5.9 and 11.5.10).

j Tubing flow area too large for current liquid production levels. It is 
also possible that the tubing diameter might be too big for current 
production levels. This is usually the case when the injection gas/liquid 
ratio needs to be very large to produce the well in a stable manner. It 
is common to find oversized production tubing strings in old oil fields, 
where reservoir pressures have declined to very low values. Replacing 
the tubing with small diameter tubing or using velocity strings might 
be the solution. A velocity string is a small-diameter tubing string 
(usually a coiled tubing string) that is installed inside the production 
tubing with the only purpose of reducing the flow area (the fluids are 
produced through the annular flow area between the production tubing 
and the velocity string).

There are other causes of instabilities. For example, large water cuts, with 
or without emulsions, might increase the production pressure and reduce the 
pressure drop across the operating point of injection (inducing subcritical 
flow through gas lift valves as explained in Fig. 8.4). Inadequate operation 
of the well like, for example, the injection gas flow rate set too high or too 
low, creates instability problems that are explained below and in chapter: 
Intermittent Gas Lift Troubleshooting. Unstable wells can have single or 
multiple points of injections. Because of its importance, several specific 
causes of instabilities, in which there are multiple points of injections, are 
separately presented in Section 11.3.2.

11.3.1.2 Inadequate operation of the well
In many cases, there might not be anything wrong with the well or the for-
mation but the efficiency of the lifting operation is low because of the way 
the well (or the gas lift system) is being operated or because of poor selec-
tion of gas lift and/or completion components. The following examples are 
just a few of these operational conditions.

j High injection gas flow rate (wrong set point). A very high injection 
gas flow rate (compared to what the well actually needs) can cause an 
increase in the injection pressure that can open an upper IPO unloading 
gas lift valve.
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 This usually does not cause a significant reduction in liquid production 
but it does (unnecessarily) increase the injection gas/liquid ratio. 
Once an upper valve is opened, it might remain opened and the well 
might operate with a stable injection pressure (higher than the design 
operating pressure). But the upper valve could open and close in a 
cyclic manner, giving the impression that it is an intermittent gas lift 
operation when it is actually a continuous gas lift well with two points 
of injection (one of which is unstable). This type of instability happens 
because once the upper gas lift valve is opened, the gas flow rate that 
goes into the tubing is greater than the gas flow rate injected into the 
well’s annulus at the surface, so that the injection pressure drops and 
the upper valve closes. Once the upper gas lift valve closes, the gas flow 
rate injected to the well at the surface is greater than the gas flow rate 
that passes through the lower gas lift valve and, in consequence, the 
injection pressure increases once again to begin a new injection cycle.

j Low injection gas flow rate (wrong set point). A lower than required 
surface injection gas flow rate into the well’s annulus can cause the 
injection annular pressure to drop and fluctuate in different ways, 
depending on the operational conditions.
❏ If there is a calibrated gas lift valve at the point of injection (as 

opposed to a gas lift orifice valve) and the injection pressure 
fluctuates with high-pressure peaks that are rounded, then the 
operating valve is in throttling flow, with its stem slowly moving 
up and down but the gas lift valve does not actually close. If the 
pressure peaks are not rounded but look more like the ones found 
in the normal operation of a pilot valve in intermittent gas lift 
(sharp peaks), the valve is indeed opening and closing due to the 
small surface gas injection flow rate. The low surface gas injection 
flow rate causes the annular injection pressure to drop below the 
operating valve’s closing pressure. Once the operating valve closes, 
the annular injection pressure increases again to eventually open 
the operating valve and start a new gas injection cycle.

❏ If the point of injection is an orifice valve, the injection pressure 
fluctuations are caused by the production pressure at the orifice 
valve’s depth becoming too close to the injection pressure and, 
sometimes, even becoming larger than the injection pressure so that 
the gas flow rate through the orifice momentarily stops. Once the 
gas flow rate has stopped, the production and injection pressures 
begin to increase but eventually the injection pressure overcomes 
the production pressure and gas injection is reassumed through the 
orifice valve to start a new injection cycle. Pressure fluctuations 
are more pronounced if the gas injection pressure increases very 
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slowly (in comparison to the rate of increase of the production 
pressure) and, in consequence, it takes a long time for it to reach 
a value greater than the production pressure. For this latter case, 
the production pressure might increase to values that are so large 
(because liquids have had sufficient time to accumulate above the 
orifice valve, generating a large column) that the injection pressure 
needs to increase also to very large values, sometimes restarting gas 
injection through an upper unloading valve.

j Operating the well with high wellhead pressures. The liquid flow rate 
of gas lift wells is very sensitive to the wellhead pressure. Bent or 
smashed flowlines or with a great number of elbows or unnecessary 
restrictions, such as empty choke housings, can increase the wellhead 
production pressure, which in turn reduces the liquid production of the 
well. High wellhead production pressure can also cause an increase 
in the injection gas pressure. It should be checked if the master 
valve, the wing valve, or any valve that can restrict the liquid flow 
at the wellhead, are fully opened. A partially opened surface valve 
can increase the production pressure without being able to detect the 
problem if the wellhead connection of the production-pressure sensor 
is installed downstream of this surface valve. Some operators leave one 
or several wellhead valves partially opened to reduce or control the gas 
or liquid flow rate: this operation could permanently harm the valve 
because of erosion of the valve’s internal components. Most wellhead 
valves are designed to operate either fully opened or fully closed. High 
wellhead production pressures can also be due to problems located 
at the flow station such as high separation pressure, partially closed 
valves, plugged check valves, etc. Very long flowlines or with very 
small inside diameters, can increase the wellhead pressure too (looping 
a parallel flowline could be a low-cost solution to lower the wellhead 
production pressure in these cases).

j High wellhead pressure (emulsions). Emulsions can also increase the 
wellhead pressure. Emulsions can be treated by injecting demulsifying 
agents down the annulus together with the injection gas. However, 
many times all that is needed to get rid of the emulsion problem is to 
inject the chemicals directly into the flowline (which is at a much lower 
pressure than the gas injection pressure, thereby eliminating the use of 
high pressure pumps that could frequently fail). Emulsions can create 
high wellhead pressure or induce serious instabilities. When emulsion 
formation is a serious problem and the well has a high reservoir 
pressure, gas can be forced to be intermittently injected at a very high 
frequency so that the liquid production is actually continuous but the 
injection gas enters the well in batches, avoiding the high turbulence 
that promotes emulsion formation in continuous gas lift. The wellhead 
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pressure chart in this latter case will look exactly as shown in 
Fig. 11.47. Due to their importance, emulsion problems and some of 
the ways to solve them are presented in Section 11.3.3.

j Well producing from several zones. In wells with one production tubing 
string and several production zones (isolated by casing–tubing packers) 
with sliding sleeves to selectively produce each zones, it is possible 
that the well is producing from a zone for which the current gas lift 
design was not intended or that more than one zone are unintentionally 
opened to production at the same time. Sliding sleeves can leak or get 
stuck open. In these cases, it is advisable to run continuous temperature 
surveys (without discrete stops) using highly sensitive temperature 
sensors (as explained in Section 11.5.2) or use fiber-optic to measure the 
temperature along the production tubing (as explained in Section 11.5.7) 
to detect the zones from which liquids are being produced.

j Use of gas lift mandrels not suited for inclined wells. A mandrel not 
suitable for deviated wells could lean against the casing precisely 
at the point where the mandrel ports are located, see Fig. 6.20. This 
could cause a restriction in the gas flow rate that is not possible to 
determine by any calculation procedure (the point of injection will be 
at a shallower unloading valve and the injection pressure will be higher 
than the expected operating injection pressure). Gas lift mandrels that 
are not suited for deviated wells should not be installed in deviated 
wells, even if the deviation angle is very small. Appropriate mandrels 
for deviated wells have recessed gas entrance ports so that it does not 
matter how they are oriented inside the casing, see Figs. 6.18 and 6.19.

j Use of inadequate production tubing size. Small-diameter production 
tubing (compared with the required tubing diameter for the well’s 
optimum liquid flow rate) restricts the liquid production and causes a 
high production pressure that might make it impossible to unload the 
well to the design point of injection. However, even if the well could 
be unloaded to the design point of injection, the high bottomhole 
flowing pressure might keep the well from producing at its full 
potential. The liquid production will be lower than the well’s potential 
but the well will show a normal wellhead pressure and a high pressure 
drop along the production tubing (for this reason, the point of injection 
might be higher than the point of injection by design and a higher 
injection pressure is required). Troubleshooting analyses must be 
done in conjunction with nodal analyses to determine the optimum 
tubing diameter. An economic evaluation will finally determine if it is 
profitable to replace the production tubing. It should also be analyzed 
if the liquids could be produced up the annulus (this is not always 
possible because the annular flow area could be too large, causing 
instability problems, or production fluids could damage the casing).
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11.3.1.3 Failures or malfunctions of gas lift and completion 
equipment
There are many sources of downhole equipment failure (compared to a natural 
flowing well), that can create serious operational problems or inefficiencies.

j Unloading valve that remains open (dirt accumulation). An unloading 
gas lift valve (that is supposed to be closed) can remain open because 
a solid particle could be trapped between the ball and the seat. This 
problem can be confirmed if the following two field tests give these 
results: (1) a communication test (as explained in Section 11.5.1) 
shows that there is no hole in the tubing, and (2) if the surface gas 
injection is shut off (without shutting in the well) and the injection 
pressure drops to values less than the surface closing pressure of the 
operating valve installed in the well. For the latter test to be used all 
unloading gas lift valves should be IPO valves and there should be a 
calibrated valve (also IPO) at the point of injection (as opposed to an 
orifice valve). The impact of having an upper unloading valve open will 
depend on the gas flow rate that this open valve will allow to pass from 
(1) a mild increase in the injection gas/liquid ratio to (2) a low injection 
pressure, high injection gas flow rate, and a reduction of the liquid 
production. One procedure to get the valve closed is to shut in the well 
while keeping the gas injection unchanged. The injection pressure 
will rise to values greater than all of the valves’ opening pressures. 
Then, the well is suddenly opened to production (verifying first that 
this operation will not cause any harm at the flow station; it might 
be necessary to install a choke far away from the well, or at the flow 
station, to protect surface facilities). Then, after the liquid production 
has stabilized, gas injection is shut off again to see how far down the 
injection pressure gets. This procedure is repeated until the injection 
pressure does not drop to values less than the surface closing pressure 
of the operating valve.
❏ Unloading valve that remains open (getting it to close as expected). 

Continuing with the subject from the previous paragraph, to get the 
valve to close as expected some operators perform the following 
procedure:
a) Wellhead annulus and tubing pressures are equalized by closing 

the well to production and injecting gas into the tubing using a 
high pressure hose or simply by closing the well to production 
and waiting for the injection pressure to reach line pressure 
(the surface production pressure will also increase but not 
necessarily to line pressure). In any case, when the gas flow 
rate drops to zero (because the injection wellhead pressure 
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becomes equal to the injection manifold pressure) the surface 
gas injection control valve is manually closed.

b) Then, the surface injection pressure in the annulus is rapidly vented 
100 or 200 psi (while keeping the well closed to production) less 
than the large production pressure trap at the surface.

c) Then the wellhead production pressure is vented 100 or 200 psi 
less than the surface annular injection pressure reached in point “b.”

d) The surface annular injection pressure is again vented in the 
same way it was done in step “b” until it is 100 or 200 psi 
below the surface tubing pressure reached in step “c” and this 
procedure is repeated until the tubing and production pressures 
become very small.

 This causes repeated flows across the gas lift valve that might 
finally close it. This procedure should not be tried if sand 
production is going to be a problem.

j Unloading valve that remains open (other causes). Another reason 
for a gas lift valve to remain open is because the bellows has been 
damaged (flat valve) or the seat is so large that, once the valve is 
uncovered, the following events can happen: (1) the injection pressure 
drops because of the high gas flow rate these seats can allow, and (2) 
the high gas flow rate cools the valve, lowering its closing pressure to a 
value less than the design closing pressure.

j Salt depositions in gas lift valves. In marine environments (or when 
using certain types of completions fluids), salt depositions could be 
the solid keeping the valve open or plugging it (if the valve is plugged, 
the injection pressure will be high and there will be a reduction in the 
liquid production). In these cases, fresh water can be injected down the 
gas injection annulus (unless CO2 or H2S in the injection or formation 
gas could cause corrosion problems, for which special precautions 
should be taken). If fresh water causes formation damage, a standing 
valve should be installed at the bottom of the well, keeping the water 
from reaching the formation.

j Gas lift valve plugged by iron sulfide depositions. In some wells, iron 
sulfide (FeS) depositions that can plug gas lift valves are common. The 
best way to deal with these depositions is to inject water with special 
detergents or chemicals into the well. If the operating valve is plugged, 
the injection pressure will be high and there will be a reduction in the 
liquid production.

j Gas lift valves with cut seats. Unloading the well at a high injection 
gas flow rate before reaching the first valve can cut gas lift valve 
seats which will then leak gas once the well is in operation. Cut seats 
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are very common and usually, but not always, the gas flow rates that 
leaking valves allow to pass for this reason are not very significant, 
even if they are easily detected by means of down hole temperature 
surveys; however, it is recommended to unload the well very slowly to 
avoid this type of valve failure because sometimes they do represent 
a serious problem. More importantly, unloading the well at a high 
injection gas flow rate can damage the gas lift valve’s internal check 
valve, creating a serious well integrity problem.

j Gas lift valve’s tail plug failure. A leaking tail plug of a gas lift valve 
(Fig. 6.4) could allow the dome pressure to increase so that the valve will 
only open at higher than design opening injection pressures. If the tail 
plug leaks, every time the pressure surrounding the valve is higher than 
the nitrogen pressure, the dome is going to be pressurized and the valve 
might not open unless the injection pressure is very high (the dill valve, 
shown in Fig. 6.4, that is used to charge the gas lift valve with nitrogen, 
allows gas or liquid flow into the valve but not in the opposite direction). 
This might be due to errors that, from time to time, are made at the shop 
when the valves are being calibrated (the tail plug is not tighten correctly, 
the operator forgets to install the cupper gasket, etc.). The injection 
pressure can reach line pressure and the well does not take gas.

j Gas lift valve failures (other causes). For a variety of reasons, the 
valve can also be set at the wrong opening pressure at the shop (wrong 
calibration temperature, not properly aging the valve’s bellows, faulty 
test-rack instruments, etc.). Another operational error that is sometimes 
made by wireline crews is to install the valves in the wrong mandrels. 
All of these errors have consequences that could completely confuse 
the person analyzing the well because they are not directly revealed by 
any available calculation procedure.

j Pilot valve failure. A downhole gas lift pilot valve intended for 
intermittent gas lift could fail open for one of the reasons given 
in chapter: Design of Intermittent Gas Lift Installations and, in 
consequence, gas is injected in a continuous fashion into the 
production tubing. This usually, but not always, causes a high injection 
gas flow rate with a low surface injection pressure. Other times, the 
pilot valve’s piston gets stuck in such a way that the gas flow rate is 
very small compared with what a fully opened gas lift pilot valve could 
allow to pass. In both cases, it might be possible to fix the problem by 
venting the casing–tubing annulus. As explained in chapter: Design 
of Intermittent Gas Lift Installations, if the check valve of the pilot 
valve is an integral part of the piston (it is located inside the piston) 
then a communication test would wrongly indicate a hole in the tubing 
if the piston gets stuck or the check valve is plugged. If the check 
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valve is not an integral part of the piston but it is located at the nose 
of the valve, which is the usual place where check valves are located, 
then a communication test will indicate a hole or casing–tubing 
communication only if there is indeed such communication.

j Surface intermitter failure. A surface intermitter might fail open and 
the surface gas injection flow rate into the well could be so large that 
it would not be possible for the pilot valve to close. The injection 
pressure in this case could be very high. Intermitters are used in 
intermittent gas lift wells to control the surface gas injection into the 
annulus of the well at regular time intervals.

11.3.1.4 Deterioration of the reservoir, production tubing, 
gas injection line, or the flowline
j Low reservoir liquid production. Downhole conditions (not caused 

by any malfunction of the gas lift equipment) can cause a decrease 
in the well’s liquid production rate: sand that accumulates at the 
bottom of the well, for example, can become a serious problem 
because it can partially, or totally, block the perforations, causing the 
liquid production to decrease or completely stop. Nitrogen injection 
using coiled tubing units are usually employed to get rid of the sand 
that has accumulated at the bottom of the well. Formation damage 
can also cause a reduction in liquid production. Sometimes, in the 
early production stages of a reservoir, the static pressure can suffer 
a very steep decline, which translates into lower fluid production. 
Additionally, any downhole equipment (other than gas lift valves or 
mandrels) can fail and restrict the liquid production. For example, a 
plugged standing valve or a subsurface safety valve that has failed can 
cause a serious reduction of the well’s liquid production. If the root of 
the problem affecting the liquid flow rate from the reservoir is below 
the point of injection, as the liquid production declines (for whatever 
reason) so does the production pressure at the operating valve’s depth, 
which in turn might induce the following reactions: (1) if there is an 
gas lift orifice valve at the point of injection, the gas flow rate might 
increase and the injection pressure decrease if the flow through the 
downhole orifice valve is subcritical (and the surface gas flow rate 
is not automated at a given set point), and (2) if there is a calibrated 
valve at the point of injection, the pressure might remain more or less 
constant and because of the throttling effect of the valve, the gas flow 
rate could decrease; however, the valve could also start intermitting.

j Solid depositions in the flowline and production tubing. Organic 
depositions, such as asphaltene or paraffin incrustations, or inorganic 
depositions, such as carbonates scales, on the production tubing and 
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flowline walls, can cause an increase in the “frictional pressure drop” 
that cannot be calculated because the actual flow area of the production 
tubing or flowline is unknown. If, for example, the pressure drop along 
the flowline is too large for the current liquid and gas flow rates, it is 
possible then that this pressure drop is caused by solid depositions 
or sand accumulation in the flowline. A continuous and inexplicable 
decrease in fluid production can also be due to solid deposition on the 
production tubing wall (in this case, it might be hard to identify the 
problem as there is no increase in the wellhead pressure that can alert 
the optimization engineer that the well is having this type of problem 
because the symptoms are a slight decrease of the wellhead pressure 
and a moderate increase in the gas injection pressure). Paraffin can be 
melted by a hot oil injection into the production tubing and flowline, 
but long-term solutions have been found by heating the injection gas 
to keep the production tubing warm near the surface, where paraffin 
is usually generated due to the cooling effect of the injection gas. 
Metallic plunger can also be used to keep the tubing free of paraffin 
accumulation, but this might introduce other types of operational 
problems as described in chapter: Design of Intermittent Gas Lift 
Installations. Getting rid of solid depositions can be accomplished 
by injecting chemical products into the tubing, such as different 
concentrations of hydrofluoric or hydrochloric acids (depending on the 
type and severity of the depositions), but it should be checked first if 
nonmetallic components of gas lift valves are capable of withstanding 
these types of acid treatments. Solid depositions might accumulate 
on top of a gas lift valve installed in a side pocket mandrel, making 
it impossible to retrieve the valve by wireline. In these cases, acid 
solutions can be poured on top of the latch by dump-bailer devices run 
in the well with a kick-over tool in an attempt to get rid of the solid 
depositions and be able to retrieve the valve. On the other hand, sand 
depositions on top of a gas lift valve can be removed by sand-bailer 
wireline tools.

j High injection gas flow rate with low injection pressure (due to 
conditions in the well). A high injection gas flow rate with a very 
low surface injection pressure could be due to a hole in the tubing, a 
flat valve, an unloading valve that would not close because of its low 
temperature, or a hole in the gas injection line (between the injection 
manifold and the wellhead) that goes unnoticed because the gas flow 
rate is being measured upstream of the hole (to detect where the hole 
is, it is recommended to close the injection valve at the wellhead, 
downstream of the connection of the injection pressure sensor, while 
leaving the manifold valve open; if the injection pressure does not 
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increase, the hole is somewhere between the well and the injection 
manifold). For offshore wells (in shallow waters), gas bubbles usually 
reveal where the hole in the injection gas line is located. Recognition 
helicopter flights are usually made over large offshore gas lift fields to 
spot this type of problem, which unfortunately happens very frequently 
in many places around the world.

j Low injection gas flow rate and low injection pressure (other causes). 
A reduced surface injection gas flow rate that causes fluctuations in the 
wellhead injection pressure (as described in previous paragraphs) can 
be due to an improperly set surface gas injection flow control valve, 
but it could also be due to dirt or debris carried by the injection gas that 
are plugging the flow control valve, making it necessary to vent the 
gas line from time to time (automatic gas injection flow control valves 
can be used to handle this problem as they do not have a fixed position 
and will try to open wider if the gas flow rate begins to decrease). If 
the presence of solid particles in the injection gas line is a recurrent 
problem, it is recommended to install gas filters upstream of the gas 
injection manifolds rather than periodically venting the gas lines. Very 
old or very new gas lift systems, or gas lines in corrosive environments, 
usually present this kind of problem. If the injection gas flow rate is 
less than its required value but the injection pressure is higher than the 
design injection pressure and stable, it is possible that the downhole 
operating gas lift valve is the one that is partially plugged or the 
production tubing pressure is too high.

11.3.1.5 Possible causes and solutions when unloading 
the well cannot be completed
Sometimes it is not possible to complete the unloading process and the in-
jection point that is finally reached is higher up in the well than the design 
point of injection depth. Some of the causes and actions that can be taken in 
these situations are:

j The well’s liquid production might be much larger than expected (the 
production pressure is then higher than the gas injection pressure at 
the next unloading valve), for which nothing can be done operationally 
except trying to optimize the gas injection flow rate and evaluate 
the gas lift design to see if it is adequate for current conditions or a 
redesign of the gas lift valves is needed.

j The liquid production might not be higher than expected but the 
seat diameter of an unloading valve is so small that it does not allow 
reaching the required gas flow rate to unload the well to the next deeper 
valve. A new gas lift valve design must be installed in the well.
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j The liquid production might not be higher than expected but the 
operating temperature is greater than the design temperature and one 
or several unloading valves remain closed, not allowing transferring 
the point of injection any deeper. A new gas lift valve design must be 
installed in the well.

j The liquid production is not higher than expected but the distance 
between two consecutive mandrels is too long and the injection 
pressure is not high enough to overcome the production pressure at 
the deeper valve, thus the unloading of the well cannot be completed. 
Some possible operational solutions to unload the well to the design 
point of injection are:
❏ Increase the injection gas flow rate to raise the injection pressure 

and be able to inject gas through the lower valve. Very high gas 
flow rates might be required because several upper unloading 
valves might open and, momentarily, gas will be injected through 
more than one point at the same time.

❏ Inject gas into the tubing to lower the liquid level inside the tubing. 
This should not be tried if it will cause formation damage or it 
might increase sand production.

❏ Unload the well to a pit or a tank at atmospheric pressure to 
decrease as much as possible the wellhead production pressure.

11.3.1.6 Unloading the well cannot be started
When the well cannot be unloaded because the injection pressure is not 
large enough to overcome the production pressure at the “first” (shallowest) 
unloading valve, besides trying to inject gas into the tubing or unloading the 
well to a pit, one or several of the following steps could be taken (other rea-
sons for not being able to start the unloading process through the first valve 
are explained in Section 11.4.1):

j Swab the well with a wireline operation. This might not be a good 
recommendation because wireline tools could get stuck in the tubing or 
be blown up the tubing, among other risks.

j If the completion fluid pressure gradient is too large, completion fluids 
might be circulated with a lighter fluid (if the lighter fluid causes 
formation damage, use a standing valve at the bottom of the tubing), 
for which the deepest valve should be replaced with a circulating valve 
and dummy valves should be installed in all other mandrels above.

j Inject nitrogen or diesel into the tubing to reduce the tubing pressure. 
This is usually done with coiled tubing units.

j Increase the available injection pressure at the manifold by temporarily 
closing gas injection to some of the nearby wells.
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j If everything fails or the problem is going to persist every time the 
well needs to be kicked off, the completion should be pulled out of the 
well and replaced with another one with mandrel spacing adequate for 
current conditions.

To add difficulty to the troubleshooting analysis, it might be possible that 
two or more of the problems covered so far in this section might take place 
at the same time. This is the main reason why many times it is not possible 
to quickly identify the source of the problem and there are no general calcu-
lation procedures for each and every type of problem (single or combined). 
However, after performing different types of analyses, it is possible to reach 
a conclusion that most of the time coincides with the source of the problem. 
It is advisable to file and keep records of all analyses and causes of previous 
failures or operational problems of the well and look at the history of near-
by wells producing from the same reservoir. For example, in a field where 
many wells have problems associated with sand production, a well with a 
decline in liquid production is a good candidate to quickly check, by wire-
line, its total depth and, based on the result, nitrogen injection using coiled 
tubing might be recommended to get rid of the sand that has accumulated at 
the bottom of the well.

As can be seen from the list of possible problems given earlier, not always 
the decline in liquid production (or any other inefficiency found in the op-
eration of a well on gas lift) can be attributed to a failure in the gas lift 
equipment or gas lift design and the well has to be analyzed from an ample 
context to detect where the source of the inefficiency is coming from.

11.3.2 Multiple points of injection
For any type of gas lift valve, a valve below the static liquid level might 
not be able to close because of any the reasons already described, such 
as (1) the valve has a cut seat, (2) the bellows has a hole (flat valve) or it 
lost pressure through the tail plug (the dill valve failed), (3) the valve is 
unseated in the gas lift mandrel, (4) dirt is keeping the valve opened, etc. 
In these cases, it might be feasible to reach the next lower valve but the gas 
lift system might not be capable of providing gas at a rate high enough to 
keep the injection pressure at an adequate level to overcome the produc-
tion pressure at valves further down the well or even to keep gas injection 
through these two points (the upper valve that would not close and the one 
below) in a stable manner. The unloading process cannot continue and the 
well is left producing with multiple points of injection in a stable or un-
stable gas injection pattern. Multiple “stable” points of injection take place 
when the injection gas flow rate at the surface is equal to the gas flow rate 
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that can be injected through two or more gas lift valves at the same time. 
This could make it impossible to reach the desired point of injection or gas 
could be injected through the design operating point and an upper unload-
ing valve at the same time. In the latter case, the target liquid production 
might be reached but with an unnecessarily high injection gas/liquid ratio. 
The following examples (presented for specific types of gas lift valves) are 
some of the many conditions that cause stable or unstable multiple points 
of injection.

j For IPO valves: For whatever reason explained so far an upper valve 
fails open but because of its small seat diameter, the injection pressure 
is maintained at a high value. Once the lower valve (which is working 
properly) is uncovered, the total gas flow rate that passes through both 
valves is equal to the gas flow rate injected at the surface, so that the 
injection pressure does not drop to values less than the closing pressure 
of the lower valve (the valve right below the one that has failed 
open) and, additionally, this injection pressure is not high enough to 
overcome the production pressure further down the well. The point 
of injection cannot be transferred to deeper valves and the well is left 
producing from two upper points of injection in a stable fashion. It is 
also possible that the injection pressure drops to values less than the 
closing pressure of the valve below the one that has failed open once 
this lower valve is uncovered. This valve would then close but once 
it does, the injection pressure starts to increase to eventually open the 
lower valve again, giving the impression that the well is producing on 
intermittent gas lift. If, additionally, the injection pressure is not high 
enough to overcome the production pressure further down the well, 
the point of injection cannot be transferred to deeper valves and the 
well is left producing from two upper points of injection in an unstable 
fashion.

j Also for IPO valves: It might be possible that the surface injection gas 
flow rate is higher than the gas flow rate that the calibrated valve (or 
orifice valve) at the design point of injection can pass at the current 
injection pressure and, in consequence, the following events can 
happen: (1) the injection pressure increases above the opening pressure 
of the unloading valve just above the operating point of injection, so 
that this upper valve opens and stays open in a stable manner because 
the gas flow rate at the surface is capable of maintaining two injection 
points at the same time, or (2) the injection pressure increases above 
the opening pressure of the unloading valve just above the operating 
point of injection, but the upper unloading valve closes shortly after 
it opens because the injection gas flow rate at the surface is not 
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capable of maintaining two injection points at the same time and, in 
consequence, the injection pressure begins to drop once the upper valve 
opens. This could also give the impression that the well is producing 
on intermittent gas lift. These events can also take place for PPO valves 
installed in wells producing in annular flow (with mandrels normally 
used for tubing flow) because, in this case, PPO valves behave as IPO 
valves (the check valves of PPO valves should be reversed for these 
applications).

j For PPO valves: An upper valve fails “open” but because of its small 
seat diameter, the injection pressure is maintained high enough to reach 
the next valve below. If, once the next lower valve has been reached, 
neither the production pressure drops to values less than this lower 
valve’s closing pressure, nor the gas injection pressure drops to values 
less than the production pressure at this lower valve’s depth, then the 
production could be maintained in a stable manner with two points 
of injection (if the injection pressure is not high enough to overcome 
the production pressure further down the well). However, it can also 
happen that, once the valve just below the one that has failed open is 
reached, the injection pressure begins to decrease, eventually dropping 
to values less than the production pressure at this lower valve’s depth 
and gas injection through this lower valve is interrupted for a while 
(until the injection pressure increases to overcome the production 
pressure of the lower valve once again).

j Also for PPO valves but in good working conditions: once the next 
lower valve has been reached the production pressure at the upper 
valve does not drop to values less than its production closing pressure 
because it was calibrated for a lower production closing pressure. 
Contrary to what is recommended for IPO valves, the upper valve 
could close by increasing the gas flow rate to decrease the production 
pressure (if the injection gas/liquid ratio for minimum pressure 
gradient has not been reached yet). In this way, even though the 
injection pressure increases, it is possible that the production pressure 
drops and the upper valve, that reacts mainly to the production 
pressure, closes. If the upper valve cannot close and, additionally, the 
injection pressure is not high enough to transfer the point of injection 
to lower valves, the well is left producing from two points of injection 
in a stable fashion.

Troubleshooting wells with multiple points of injection is a very complex 
task and it is very difficult to find out which of the valves are opened. It is 
usually concluded that there are several points of injection because valve 
mechanic equations predict several valves opened at the same time and gas 
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balance calculations indicate that it is not possible to inject into the tubing, 
through a single gas lift valve, all the gas injected to the well at the sur-
face. To determine in which proportion each valve is passing the injection 
gas or, for wells with more than three or four valves, knowing which of 
these valves are the ones opened, is extremely difficult to do in an accurate 
manner. The best way to find the points of injection is by a conventional 
downhole temperature survey (if the well is stable) or with a temperature  
survey using fiber-optics in the way that is presented in Section 11.5.7  
(if the well is unstable). Pressure surveys by themselves are, most of the 
time, of little use to detect the points of injection when there are several 
points of injection because they usually do not show a change in the produc-
tion pressure gradient at some, or all, of the points of injection. However, 
at the same time, if the liquid flow rate is very large, it might be difficult 
to detect the points of injection by just measuring the temperature along 
the production tubing if very sensitive temperature sensors (currently avail-
able) are not used.

The calculation procedures explained in Section 11.4.2 for single point in-
jection can, to a point, be used for stable multiple points of injection. In this 
case, the gas balance will predict that it is just not possible to pass all the gas 
injected at the surface through a single valve. This is only an approximation 
because for multiple points of injection there is no way to accurately calcu-
late the production pressure.

Unstable multiple points of injection usually give the impression that the 
well is producing on intermittent gas lift, when in reality the well has: (1) 
one or more continuous points of injection, (2) one or more intermittent 
points of injection, which could be valves opening and closing or, at the 
deeper point of injection, the injection pressure is varying at regular inter-
vals between values that are lower and higher than the production pressure, 
and (3) a continuous liquid flow rate, which can be easily visualized by 
looking at the way the liquid production (or the liquid level, if the test sepa-
rator is a dump type separator) changes with time at the test separator, as 
explained in Section 11.5.8.

It is completely unacceptable to use intermittent gas lift troubleshooting 
techniques for wells with multiple points of injection and continuous liquid 
production; but it might be, up to a point, appropriate to use the calculation 
procedure explained in Section 11.4.2, for which the production pressure 
could be calculated in different ways:

j With the maximum liquid and gas flow rates first and then with the 
minimum liquid and gas flow rates to have two extreme values of the 
production pressure at each valve’s depth, for which all calculations 
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are carried out (valve mechanic, gas balance, and reservoir flow rate) 
separately, or

j Using multiphase flow correlations with the average liquid production 
and gas injection.

These approximations might be appropriate for IPO valves but should not be 
attempted for PPO valves.

If the gas injection and liquid production instabilities are not too severe, 
unstable wells with multiple points of injection and continuous liquid 
production could be troubleshoot using well dynamic models. The de-
scription and analysis of these dynamic models are beyond the scope of 
this book.

Due to the impact that emulsions have on the operation of a gas lift well, the 
rest of this section concentrates on explaining the different problems associ-
ated with emulsions and how to handle them.

11.3.3 Handling problems associated with emulsion 
generation
Emulsions are usually found in wells with water cuts between 40 and 60%.
Wells with water cuts greater than 60% might not present emulsion prob-
lems but it should be determined if the gas lift method could be replaced 
with another method of production because the injection gas/liquid ratio 
tends to be too high in high-water-cut wells.

One major disadvantage of the gas lift method is that it promotes emulsions: 
the mixing action of the turbulence created at the point of injection acceler-
ates the emulsion formation process. The calculation of the production pres-
sure along the well using multiphase flow correlations is very inaccurate if 
liquids are emulsified because of the following reasons:

j The flow pattern is very hard to predict because, to carry out this task, 
it is necessary to precisely know the liquid surface tension and other 
PVT properties that are not easy to find when emulsions are present.

j If the flow pattern is unknown, it is not possible to calculate the liquid 
holdup and, in consequence, the hydrostatic pressure drop cannot be 
calculated either.

j It is not possible to calculate the actual friction pressure drop either, not 
only for not knowing the flow pattern, but also because it is very hard 
to estimate the viscosity of the emulsion.

For these reasons, troubleshooting a well with emulsion problems by calcu-
lating the production pressure could lead to very inaccurate results.
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Emulsions are generated from two immiscible liquids, one of which is 
present as small drops in the other liquid (which is the continuous com-
ponent of the emulsion). Emulsions of small water drops in oil might 
have a viscosity much larger than the viscosity of either the water or the 
oil alone. Emulsions remain stable because of emulsifying agents pres-
ent in the fluids produced by the wells. Asphaltenes, clays, acids, etc., 
are examples of natural emulsifying agents. Emulsions can be broken 
down by demulsifying agents that act at the interface between the water 
and the oil to make the water drops coalesce into larger drops that even-
tually form a continuous phase that coexists with the oil in a much lower 
viscosity mixture. Once the emulsions are broken, the pressure drop 
along the tubing is reduced; this lowers the flowing bottomhole pres-
sure so that the liquid production of the well increases. This increase 
in liquid production causes an increase in the production temperature, 
which in turn might help prevent paraffin formation as an additional 
advantage.

Among other benefits that can be obtained by getting rid of emulsions, it 
is found: (1) a reduction in surface liquid production heading; (2) a de-
crease in the pressure drop along the flowline; (3) a reduction of the vol-
ume of chemicals needed at surface liquid treatment plants; (4) improve-
ment of the gas-water-oil separation process and a reduction in the time 
operators spend trying to solve control problems caused by emulsions at 
the production separators; (5) The injection pressure and the injection 
gas/liquid ratio could be reduced, thereby increasing the lift efficiency; 
and (5) It makes it easier to perform wireline operations in the well if 
needed.

If the completion is an open type completion (with no casing–tubing pack-
ers) it is better to inject the demulsifying agents through a capillary tubing, 
run parallel to the production tubing all the way to an injection mandrel 
located at the bottom of the production tubing, where a valve is installed to 
regulate the flow of the chemical product being used. This chemical injec-
tion mandrel should be located below the gas lift mandrel. Serious insta-
bility problems have been reported when trying to inject chemical agents 
together with the injection gas down the annulus in open completions: this 
is due to the fact that initially the agents work very well and the well’s liq-
uid production increases; but this increment in the liquid production makes 
the liquid level in the annulus drop below the point of injection so that the 
quantity of chemical agents going into the tubing is reduced because most 
of it is being accumulated on top of the liquid level in the annulus. This in 
turn causes a drop in the liquid production and the liquid level in the annulus 
rises again to repeat the cycle.
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Injecting demulsifying agents down the annulus together with the injection 
gas in closed or semi-closed completions (with packers) is not free of opera-
tional problems either, but most of them can be easily solved. One problem 
that can happen in wells with or without packers is the formation of solid 
particles in the annulus that can accumulate at the gas lift valve and plug it. 
Generally, chemical products injected to break the emulsion consist of a sol-
vent (usually gasoil or glycol) that is used to transport the chemical agent, 
which is usually a heavy molecule that actually breaks the emulsion. When 
this mixture enters the annulus, the solvent can evaporate and the remaining 
chemical agent concentrates in solid particles that can plug gas lift valves. 
This also takes place when injecting chemicals to treat solid depositions 
inside the production tubing walls. This problem is solved by using different 
levels of agent concentration in the solvent or by using different concentra-
tions of the heavy components of the solvent itself. For example, an operator 
in Alaska found that by increasing from 0.3 to 1% the C20 to C26 fractions of 
the solvent, prevented the solvent from evaporating even at very low chemi-
cal injection flow rates.

Another problem found when injecting chemicals together with the injec-
tion gas down the annulus is that it takes a few days, from the moment 
chemical injection is initiated, for the emulsions to begin to break. This is 
due to: (1) the chemical product should fill the empty space between the 
point of injection and the liquid level in the annulus; and (2) even if the liq-
uid level is at the point of injection, it takes a few days for chemical products 
to form a liquid film on the inside wall of the casing and the outside wall 
of the tubing, after which a significant portion of chemical products can 
enter the production tubing. In places where chemical injection has been 
done correctly, no gas lift valve has been plugged or its seat been cut due to 
liquids flowing through them.

High pressure pumps must be used to inject chemical agents into the an-
nulus. These pumps could require high maintenance costs. For this reason, 
some operators inject the chemical product directly at the wellhead into 
the flowline (which is at a lower pressure) and many times this is all that 
is needed to considerably reduce the problem. Unfortunately, this solution 
does not always work, especially in highly deviated wells, where the fric-
tional pressure drop due to the presence of emulsions in the production tub-
ing is very high.

Even though chemical injection could solve production problems caused 
by emulsions, an economic evaluation must be done first to determine if the 
benefits obtained are greater than the costs involved in operations of this 
type, such as purchase of chemical products and their transportation, as well 
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as surface equipment and required personnel for supervision and control of 
the operations.

11.4 METHODOLOGY FOR TROUBLESHOOTING 
ANALYSES
As it has been indicated in the introduction of the chapter, the main objective 
of troubleshooting analyses for wells on continuous or intermittent gas lift 
is to find the current point, or points, of injection or understand the reason 
why the well is not receiving gas. However, often calculations lead to results 
that are very different from the actual condition of the well. This is due to 
the poor quality of the available data or lack of sufficient information. The 
quality of the troubleshooting results depends on the quality and quantity 
of the data.

The first step in the troubleshooting process is to gather as much informa-
tion as possible about the operational history of the well from the date it 
was drilled or from the last major workover job. The required information 
includes:

j Two-pen charts (or electronically obtained tendency curves) showing 
the wellhead production and injection pressures. Sometimes it is also 
important to measure the wellhead production temperature because 
in wells with large liquid productions, or with high water cuts, it is 
necessary to verify the production temperature to check if it is being 
precisely calculated along the production tubing to calibrate nitrogen-
charged gas lift valves. Additionally, it is sometimes possible to use 
the wellhead temperature of the produced liquids as an early warning 
signal in case the liquid production decreases (a reduction in the 
liquid production might be easily detected by a drop in the wellhead 
production temperature). Wellhead production temperature can also 
be used in gas injection flow control loops because the wellhead 
temperature is proportional to the liquid production.

j Fluid properties: oil API gravity, formation gas/liquid ratio, water cut, 
bubble point pressure, specific gravity of produced, and injection gas, etc.

j Liquid production, total gas production, and injection gas flow rates 
(including previous history of injection gas flow rates and how the well 
responded to each of them).

j Reservoir data, such as the values of its static pressure and rate of 
decline, as well as any information needed to build the IPR curve.

j Completion data and gas lift valve type, seat diameters, and calibration 
pressures. Previous gas lift designs could also be reviewed to see how 
the well behaved for those designs.
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j Review previous workover or wireline jobs such as opening or closing 
a circulating sleeve, stimulation jobs, etc.

j Evaluation of previous flowing pressure and temperature surveys or 
any other type of survey performed in the well.

j List of operational problems of nearby wells producing from the same 
reservoir.

The wellhead two- or three-pen chart recorder should be properly installed 
as indicated in Section 11.2. Wellhead pressure charts are very important 
in troubleshooting a well because the behavior of the wellhead pressures 
determines the type of analysis to carry out: continuous or intermittent gas 
lift, casing–tubing communication, etc. It is important to file a reasonable 
number of these charts for each of the last gas lift designs installed in the 
well after the last workover job. These charts are now being replaced with 
electronic pressure measurements that can be electronically stored as pres-
sure or temperature tendency curves, for which it is important to have the 
right scan rate as indicated in Section 11.2. However, just looking at the 
wellhead pressure charts or tendency curves is not enough: troubleshooting 
calculations and field tests (conducted for troubleshooting purposes) must 
be performed to accurately determine the point of injection.

Fluid properties such as API gravity of the oil, solution gas/oil ratio at cur-
rent operational conditions, total gas/liquid ratio, water cut, and bubble point 
pressure, among others, should be carefully verified because they play a key 
role in the production pressure traverse curve calculation. Water cut and total 
gas/liquid ratio are also important in calculating the production temperature 
along the tubing. This temperature is, in turn, used to calculate the valve’s 
dome pressure and determine, together with the upstream and downstream 
pressures, if a nitrogen-charged gas lift valve is opened or closed.

As it is mentioned in Section 11.2, it is usually very difficult to have a pre-
cise measurement of the water cut and the gas/oil ratio. Even if the water 
cut and the gas/liquid ratio are accurately known, it might be possible to 
have serious deviations in the calculated bottomhole pressure in relation 
to its actual value. This is due to the use of a multiphase flow correlation 
that is not the one recommended for current operational conditions. The 
best multiphase flow correlation to be used is determined by a field process 
that involves running and analyzing a certain number of downhole flowing 
pressure and temperature surveys for one particular reservoir. These surveys 
can also be used to determine the IPR curve of the well. It might be possible 
that even the best multiphase flow correlation for a given operational condi-
tion could still cause serious deviations in the calculated bottomhole flowing 
pressure for another operational condition.



644 CHAPTER 11 Continuous gas lift troubleshooting

Test-rack opening pressures and seat diameters are very important param-
eters without which it is just not possible to perform most of the required 
calculations to troubleshoot a gas lift well:

j They allow the use of the force balance equation to determine if the 
valve is opened or closed.

j The seat diameter, together with the upstream and downstream 
pressures, is used to calculate the gas flow rate through a gas lift valve. 
If the valve is fully opened, the Thornhill–Craver equation can be used 
to calculate the gas flow rate; otherwise, dynamic models like those 
explained in chapter: Gas Flow Through Gas Lift Valves should be 
used to find the type of gas flow regime and the actual gas flow rate 
through the valve.

It is important to correlate each work performed on the well, such as open-
ing a circulating sleeve or a stimulation job, with the well’s production his-
tory. The way in which the production characteristics of the well changed 
with each job performed in the well reveals important clues about the real 
production capacity of the well.

Available flowing pressure and temperature surveys should be analyzed to 
determine the current point, or points, of gas injection. The point of injec-
tion is easily identified because of the local cooling effect of the injection 
gas on the production temperature right above the point of injection. This 
might be hard to notice in wells with large liquid flow rates. The point of 
injection can also be identified because the pressure gradient is lighter above 
the point of injection, although in wells with small liquid flow rates and high 
formation gas/liquid ratios this is sometimes impossible to notice.

One troubleshooting analysis procedure that does not heavily rely on the 
difficult to “accurately determine” IPR curves is explained in detail in Sec-
tion 11.4.2. A different approach (offered by the most advanced gas lift 
computer programs commercially available today) is based on the IPR curve 
of the well. This latter approach can be taken if the IPR curve is accurately 
determined and the appropriate multiphase flow correlation is used (most 
of the time, both of these conditions are very hard to find); otherwise, this 
procedure might give totally wrong solutions. This type of procedure usu-
ally assumes that all valves are in good working conditions, which might 
not be the case. The calculations involved in this type of procedure are ex-
plained next for cases in which gas enters the tubing through only one point 
of injection, but the method can be applied to several simultaneous points 
of injection following a complex numerical analysis that is not shown here. 
The procedure requires the following data: current surface injection pres-
sure at the wellhead (known as the operating pressure), the exit pressure, 
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which could be the wellhead pressure (if it is more or less constant) or the 
separation pressure (if the pressure drop along the flowline is considered), 
the IPR curve, PVT data, and all subsurface data (tubing diameter and incli-
nation angles, depth and calibration of each gas lift valve, etc.). The math-
ematical procedure simultaneously calculates the unique set of the “well’s 
liquid production and the injection gas flow rate” that must be present in the 
well for the current reservoir static pressure, as well as the current wellhead 
injection and production pressures. Several figures shown in chapter: Total 
System Analysis Applied to Gas Lift Design are used here to illustrate the 
following explanation.

For didactical purposes, let us assume the well has only one gas lift valve 
(the user can select any valve installed in the well). Nodal analysis performed 
for different gas injection flow rates (as shown in Fig. 5.23a) gives the gas 
lift performance curve shown in Fig. 5.23b. For each solution point (corre-
sponding to each injection gas flow rate) of the nodal analysis in Fig. 5.23a, 
there is one production curve as shown in Fig. 5.24a. Therefore, each produc-
tion pressure (as determined from the nodal analysis just mentioned) at the 
valve’s depth for each injection gas flow rate Qgi can be plotted as shown in 
Fig. 5.24b. On the graph shown in Fig. 5.24b, different curves corresponding 
to the gas flow rate that the seat of the gas lift valve can pass for different 
injection pressures (at depth) are superimposed as shown in Fig. 5.25a (the 
reader is advised to review Fig. 8.1 to familiarized with gas flow rate curves 
for a given orifice or seat size). The intersection of the seat (or orifice) gas 
flow rate curve that corresponds to the actual injection annular pressure at 
depth with the production pressure curve (determined in Fig. 5.24b) gives 
the one and only one injection gas flow rate that must exist in the well for the 
given injection pressure. With this gas flow rate, the current liquid production 
is found from Fig. 5.23b. This liquid production and injection gas flow rate 
should coincide with their measured values if the actual point of injection is 
indeed the one considered in the calculations. This type of analysis can be 
extended (in a way that is not shown here, but that is based on the same cal-
culations just described for a single point of injection) to a well with several 
gas lift valves, in which several valves could be simultaneously opened. For 
a given wellhead injection pressure, the extended numerical procedure will 
give the one and only one set of possible opened gas lift valves with the cor-
responding unique gas flow rate each valve can pass.

The numerical procedure just described appears to be very useful; unfortu-
nately, in most gas lift wells, troubleshooting using nodal analysis cannot 
be done because the input data is usually not as accurate as required for this 
type of analysis. This is the reason why a more “rudimentary” calculation 
procedure, such as the one described in Section 11.4.2, is many time the best 
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that can be done. In reality, the task of estimating the point of injection is 
a very difficult operation because there are many possible solutions of the 
point, or points, of injection, even for a stable well on continuous gas lift:

j The well might not be receiving gas, so there is no point of injection at 
all.

j The point of injection might be a single point of injection and it could 
be any damage or undamaged valve installed in the well. If the well is 
producing liquids in a stable manner, then the final point of injection 
should be below the static reservoir liquid level but not necessarily 
at the design point of injection. There might be multiple points of 
injection with a stable liquid production and gas injection.

j A valve in good condition but at a low temperature (above the static 
reservoir liquid level) might be opened and all the injection gas is 
circulated through it with no liquid production from the well.

The way in which some calculations (if any) might be carried out for each 
of these possibilities is presented next.

11.4.1 High wellhead injection pressure and the well 
does not receive injection gas
If the wellhead injection pressure (downstream of any wellhead valve) 
reaches full injection line pressure and the well is not taking injection gas, 
then there is no communication from the injection annulus into the produc-
tion tubing (in case gas is injected down the annulus) or from the tubing 
into the annulus (in case gas is injected down the tubing), unless a surface 
or subsurface valve, located downstream of the gas lift valve, is closed. If 
the well is not taking any gas but the injection pressure (downstream of the 
surface gas injection choke or valve) is not equal to the line pressure, it is 
possible that the surface injection choke or valve is plugged or closed (or the 
valve at the injection manifold is closed).

The first step to solve the problem is to verify that there are no surface 
valves closed downstream of the point where the injection pressure sen-
sor is installed at the wellhead. The injection pressure will be equal to line 
pressure (with the injection gas flow rate equal to zero) when any of the 
following surface valves is closed: wellhead annulus valve, master valve, 
wellhead production valve (wing valve), any valve along the flowline, and 
any valve at the flow station that directs the well to the production separator 
or the main header. It is possible that one of these valves was left closed by 
mistake. It is also possible that the subsurface safety valve has failed closed 
and therefore, if the well has such subsurface vale installed, its operation 
needs to be checked.
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If a well, with nitrogen-charged gas lift valves, starts producing liquids at a 
higher than expected rate and then stops producing for a while, and this cycle 
is repeated periodically, there might be a temperature related problem: the ni-
trogen-charged valve exposed to a higher than anticipated temperature closes 
and remains closed until its temperature drops to start gas injection again.

If the well has PPO valves, it is possible that they do not open because the 
production tubing is empty.

To start the calculation process, the gas injection pressure at the depth of the 
first (shallowest) valve, Piod1, must be calculated first:

=P f Piod1 g manifold (11.1)

Where Pmanifold is the pressure at the injection manifold which, in this case, 
is equal to the injection pressure at the wellhead, and fg is the gas factor that 
is used to calculate the injection pressure at depth as explained in chapter: 
Single-Phase Flow. To be able to inject gas through the first valve, Piod1 must 
be greater than the production pressure Ppd at the depth of the first valve. 
This production pressure could be calculated for different liquid levels in 
the well: (1) the liquid level is right at the wellhead, (2) it corresponds to the 
reservoir static liquid level, or (3) it is the one that was measured at the well. 
For the first case, the liquid production pressure is calculated by:

= +P P g Dpd wh s v1 (11.2)

Where Pwh is the production pressure at the wellhead. Because there is not 
liquid production Pwh should be equal to the pressure at the separator. gs is 
the pressure gradient of the liquids in the well, which could be the comple-
tion fluids (if the well is being unloaded after a workover job, for example) 
or the fluids that the well produces (if the well is being unloaded after a 
routine valve change out). Dv1 is the true vertical depth of the first valve.

If the liquid level is thought to be the reservoir static liquid level, then the 
production pressure at the depth of the first valve is calculated using the fol-
lowing expression:

= + − −P f P g L D D[ ( )]pd g wh s est pt v1 (11.3)

Where Lest is the true vertical length of the static liquid column from the 
perforations to the liquid level and Dpt is the true vertical depth of the top of 
the perforations. Pwh could be expressed in psig, gs in psi/ft. with Lest, Dpt, 
and Dv1 in feet. gs was already defined earlier. Eq. 11.3 can only be used if 
the static liquid level is above the first valve, for which [Lest – (Dpt – Dv1)] 
is a positive number, otherwise the tubing is empty at the first valve and the 

Piod1=fgPmanifold

Ppd=Pwh+gsDv1

Ppd=fgPwh+gs[Lest−(Dpt−Dv1)]
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production tubing pressure at the first valve is equal to fgPwh, where fg is the 
gas factor calculated with a surface pressure equal to Pwh.

The liquid level corresponds to the reservoir static liquid level when the well 
has been left for a long time with the gas injection shut off, but with the tub-
ing opened and exposed to the separation pressure. If the well has a standing 
valve installed at the bottom, the liquid level might not be the reservoir static 
liquid level because the formation can not absorb any liquid column present 
in the tubing above the static liquid column.

When the unloading process starts, the liquid in the annulus enters the tub-
ing and generates a liquid column that could be longer than the reservoir 
static liquid column. The liquid level can be at any point below or above the 
first valve, including the possibility that it can be all the way up to the sur-
face. Once the unloading operation stops for not having a high enough injec-
tion pressure to overcome the production pressure at the first valve, the liq-
uid level will start decreasing because the formation can absorb liquids and, 
eventually, the liquid level will become equal to the reservoir static liquid 
level. The problem is that it is usually not known how fast the liquid level is 
going to decrease. It is possible that after only a short time the liquid level 
drops to a point in which the injection pressure can overcome the produc-
tion pressure and the unloading process can be restarted. It is also possible 
that the liquid flow into the reservoir becomes so slow that the liquid level 
virtually remains constant for a long time. The liquid level can be measured 
by wireline or by sonic devices if it is desired to confirm that the unloading 
process has stopped because the gas injection pressure cannot overcome the 
high production pressure. When the liquid level is measured, the production 
pressure at valve’s depth is calculated as Ppd = fgPwh + gsL, where L is equal 
to the true vertical liquid column above the first valve.

If the gas injection pressure Piod1 is less than Ppd, the problem is not hav-
ing a sufficiently high injection pressure to unload the well. This could be 
explained by a possible error made while estimating the depth of the first 
mandrel, such as:

j A smaller unloading fluid pressure gradient or a larger gas pressure 
gradient used in the calculations.

j A lower wellhead pressured used during the spacing calculations.
j The current available injection pressure is less than the one used in the 

design.

The well could be finally unloaded by following the operational steps given 
earlier in Section 11.3.1 or the production tubing string could be replaced by 
another one with more appropriate mandrel spacing.
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If the injection pressure is greater than the production pressure, then the gas 
might not be injected into the well because the gas lift valve is closed due to 
an error made in the calculation of the injection opening pressure. To check 
if this is true, the gas lift valve force balance equation, applied to the first 
valve, should be used with the available calibration data from the current 
design in the well’s file. Because the well is not producing liquid, the valve 
temperature must be equal to the geothermal temperature. Valve mechanic 
equations are used to find the valve opening pressure from the design test-
rack opening pressure using the production and injection pressures calculat-
ed earlier for the first valve and at the geothermal temperature at that depth.

The error could be due to a bad design that gives an injection opening pres-
sure higher than the available injection pressure at the first valve. But if the 
injection pressure is high enough to open the valve and overcome the pro-
duction pressure (so that gas injection should be possible) then the reason 
why the well is not receiving gas could be due to an error made at the shop, 
calibrating the valve at the wrong pressure or not setting correctly the tail 
plug to protect the dome pressure so that the valve’s dome could had been 
pressurized once it was exposed to a high pressure in the well.

The required calculation procedures that are used to find the injection open-
ing pressure (Pcvo) and injection closing pressure (Pcvc) for each type of gas 
lift valve are presented in Section 11.4.2. These equations are basically the 
same as those described in chapter: Gas Lift Valve Mechanics but they are 
presented in this chapter from the perspective of a person troubleshooting a 
well. The injection opening and closing pressures are found from the calibra-
tion information given in the well’s file and from current operational condi-
tions. General comments, and possible interpretations of the results obtained 
from these equations, are presented next for each type of gas lift valve.

11.4.1.1 Nitrogen-charged, IPO valves
If the calculated injection opening pressure Pcvo is greater than Piod1, the 
valve cannot open and there must be a design error estimating the tempera-
ture or the production pressure. If Piod1 is greater than Pcvo and it is also 
greater than the production pressure at the depth of the first valve, and yet 
gas cannot be injected, then the problem may be due to a calibration error 
made at the shop or the valve’s tail plug has failed and the dome has been 
pressurized.

11.4.1.2 Spring-loaded, IPO valves
These valves are not widely used because they require an injection pressure 
much higher than the opening pressure to fully open the valve. They are 
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usually used in wells where steam is injected to heat the formation near the 
well. Nitrogen-charged valves are calibrated by measuring the valve’s open-
ing pressure at the test rack, while most spring-loaded valves are calibrated 
by measuring the valve’s test-rack closing pressure and only few models of 
spring-loaded valves are calibrated by measuring the test-rack opening pres-
sure (this is indicated by the valve’s manufacturer). It is advisable to check 
with the valve’s manufacturer the way a particular valve should be calibrat-
ed. Sometimes, an operator from a service company calibrates the valves 
in the wrong way, not following the procedures established by the service 
company itself. Meanwhile, engineers in the operating company are trouble-
shooting the well thinking that the valves have been properly calibrated and 
therefore reaching wrong conclusions. However, it also happens all the way 
around, engineers from an operating company troubleshooting the wells are 
not aware of the calibration procedure for a particular valve model (by open-
ing or closing it). Communication between operating and service companies 
should be constant and effective. The comments regarding Pcvo and Piod1 pre-
sented above for nitrogen-charged, IPO valves also apply to spring-loaded, 
IPO valves except for the fact that it is hard for spring-loaded valves to have 
a failure due to the pressurization of the dome because the dome in this case 
is sealed at atmospheric pressure.

11.4.1.3 Nitrogen-Charged, PPO Valves
The gas injection pressure plays a secondary role in the opening of this type 
of valve. If the valve does not open, it should be because the production 
pressure is not high enough. The injection pressure can be calculated any-
way from Eq. 7.10 (in which the previously calculated production pressure 
Ppd is used and the bellows pressure at geothermal conditions, Pbt, must be 
first calculated using Eq. 11.4 given in Section 11.4.2 or using Eq. 7.16, for 
which the iteration procedure described in Fig. 7.3 must be used):

The valve opens because of the combined action of pressures Pcvo and Ppd, 
but for the valve to open and remain opened in a stable manner, the pro-
duction pressure, Ppd, must be greater than [Pbt + (1 – R)P′r ], which are 
the pressures that try to close the valve, as explained in chapter: Gas Lift 
Valve Mechanics. Ppd in conjunction with Pcvo, can open the valve but it 
will immediately close again if Ppd is not greater than [Pbt + (1 – R)P′r ]. This 
is because Pcvo (which is usually much greater than Ppd) is acting on the 
port area while the valve is closed, but as soon as the valve opens Pcvo is 
replaced by the production pressure Ppd which is smaller than Pcvo and, in 
consequence, the valve closes. Thus, the questions to be asked for this type 
of valve are if the production pressure is high enough to open the valve and 
keep it open and, at the same time, if the production pressure is less than 
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the injection pressure so that the gas can be injected into the tubing. If both 
conditions are met and yet the valve does not open, then it must be suspected 
that a calibration error has been made or the tail plug has failed, and the 
valve should be pulled out of the well to be inspected.

11.4.1.4 Spring-loaded, PPO valves
These are the most widely used PPO valves and they are calibrated by mea-
suring the valve’s closing pressure at test-rack conditions. The test-rack 
closing pressure, Ptr, is the test-rack “production” pressure at which the 
valve closes. Ptr does not need to be corrected by temperature. The produc-
tion pressure Ppd must be greater than Ptr and less than Piod1 for the valve 
to open and stay opened and gas can be injected into the tubing. If both 
conditions are met and yet gas cannot be injected into the well, then it must 
be suspected that a calibration error has been made, in which case the valve 
should be pulled out and inspected. It is hard for this type of valve to have a 
failure due to the pressurization of the dome because the dome in this case 
is sealed at atmospheric pressure.

If the calibration is done by measuring the test-rack production opening 
pressure, the production pressure above which the valve opens and stays 
opened is equal to [(1 – R) Ptro], where Ptro is the test-rack production open-
ing pressure. If the design data and the valve mechanic equation indicate 
that the valve should be opened and gas can be injected into the tubing, 
then there is an error in the calibration of the valve at the shop and the valve 
should be pulled out of the well and its calibration should be verified at the 
shop. It is also hard for this type of valve to have a failure due to the pressur-
ization of the dome because the dome in most cases is sealed at atmospheric 
pressure.

The reader is advised to review Problem 7.2, which constitutes an example 
of how to use valve mechanic equations in troubleshooting analyses.

11.4.2 Methodology for one or several stable points 
of injection below the reservoir static liquid level
The operating valve does not necessarily have to be the deepest valve or 
the design point of injection. If the well is producing liquids, the point of 
injection should be below or at the static fluid level (although the current 
point of injection could be slightly above the static liquid level if this level 
was calculated from the formation liquid pressure gradient and the reservoir 
pressure alone, without taking into consideration the effect of the forma-
tion gas). If liquid production is less than its expected value, it is possible 
that the actual injection point depth is located above the design point of 
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injection, unless the well is loosing production due to formation damage, 
sand accumulation, abnormal reservoir pressure decline, or any other reason 
covered in Section 11.3. In any case, each of the valves installed in the well 
should be analyzed separately to determine if any of them corresponds to 
the current point of injection. In this section, only the possibility of having 
a single point of injection is analyzed but, in the calculation procedure, the 
injection gas mass balance could hint the existence of more than just one 
point of injection.

The methodology explained here applies to wells where the point of injec-
tion is at the design point of injection depth or at any mandrel above it if 
the unloading process was not completed: Many times and for a variety of 
reasons, the actual gas injection takes place above the design point of injec-
tion, but below the static liquid level, so that the well produces liquids (in 
these cases, there is usually a decrease in liquid production for not being 
able to inject gas as far down as possible, although in some cases the well 
cannot be lifted from the design point of injection precisely because the 
liquid production turns out to be greater than expected and the production 
pressure is simply too high). It can be seen in Fig. 11.1 that if (for any of the 
reasons given in Section 11.3) the gas injection takes place only through the 
first valve, the gas injection pressure is not high enough to inject gas through 
the second valve because the production pressure would be greater than the 
injection pressure at the depth of the second valve. A list of possible causes 
for not being able to transfer to the next deeper point of injection during the 
unloading of the well is presented in Section 11.3.

As can be observed in Fig. 11.1, the injection pressure might be high enough 
to reach the deepest valve, but any valve could actually be the current point 
of injection for the given surface production and injection pressures (which 

■■ FIGURE 11.1 Pressure–depth diagram for three possible points of injection. (a) Gas injection through first valve, (b) Gas injection through 
second valve, and (c) Gas injection through third valve.
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are the same for the three possibilities depicted in Fig. 11.1). Furthermore, 
gas could be injected through more than one point of injection in a stable 
manner. The response of the reservoir to each of the drawdowns shown in 
Fig. 11.1 (A, B, and C) is presented in Fig. 11.2.

In the following paragraphs, a rather rudimentary calculation procedure that 
can be used to find the current point of injection is described. Given the 
usual inaccurate data available in gas lift fields to perform troubleshooting 
analyses, this procedure is the best that can be done in many occasions. As 
it will become apparent, there could be none, one, or more than one solution 
that will fit the measurements done at the surface (pressures, fluid proper-
ties, and flow rates); therefore, the troubleshooting analysis might not be 
conclusive and field techniques presented in Section 11.5 might be required 
to troubleshoot the well. The following analysis is carried out assuming that 
any valve, for any reason, could be the actual point of injection. This is why 
all calculations are performed separately for all possible points of injection, 
which correspond to the depth of each mandrel installed in the well, even if 
they have dummy valves installed in them because these valves might only 
be partially installed inside the side pocket of the gas lift mandrel. Clearly, 
for mandrels with dummy valves no calculations are performed regarding 
gas flow rate or the valve’s mechanics. This procedure does not take into 
account any depth other than the ones corresponding to the gas lift mandrels 
installed in the well. Holes in the tubing or leaks in the packer or at the 
wellhead are less probable to occur, much more difficult to analyze, and 

■■ FIGURE 11.2 Three possible liquid flow rates Qa, Qb, and Qc for each drawdown (A, B, 
and C) shown in Fig. 11.1.
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easily detected by communication tests and other operational procedures 
discussed in Section 11.5.

The results that are obtained from the following calculation steps (for a par-
ticular point of injection) should be analyzed and compared with all other 
possible points of injection. The most probable point of injection is the 
one that shows more coherence in the results obtained from the different 
calculations procedures involved in the analysis: valve mechanics, injec-
tion gas mass balance, and liquid flow rates determined from the IPR curve 
(if available).

The first step is to determine the gas injection pressure at each mandrel’s 
depth. This injection pressure is calculated from: (1) gas injection pressure 
and temperature at the wellhead, (2) gas specific gravity, and (3) injection 
gas flow rate if it is suspected that friction pressure drop could play an im-
portant role in determining the gas injection pressure at depth. The calcula-
tion of the injection pressure at depth is performed using any of the different 
procedures described in chapter: Single-Phase Flow to find the gas factor fg.

Once the gas injection pressure is calculated at the depth of each mandrel, 
the following steps are carried out “independently” for each possible point 
of injection. To begin calculations, one of the gas lift mandrels installed in 
the well is picked as the assumed injection point depth. After completing 
the following calculations, a new mandrel is selected as the new point of 
injection and all calculations are repeated. This process continues until all 
mandrels have been separately considered.

j The production pressure is calculated at all mandrel depths, assuming 
that all the gas (measured at the surface) is injected only through the 
“assumed point of injection” that is under analysis. The production 
pressure is calculated using the total gas/liquid ratio above the assumed 
point of injection and the formation gas/liquid ratio below it. This 
should be done using the multiphase flow correlation or model that is 
thought to give the best results for current operational conditions.

j With the upstream injection pressure and the downstream production 
pressure (calculated at each mandrel), the valve’s mechanic equations 
are used to determine if the valves are opened or closed. All valves 
installed in the well are considered in this step even if it is not strictly 
correct to do so because the opening pressure of each valve depends on 
the calculated production pressure, which was found by assuming that 
all the gas was injected only through the assumed point of injection. 
IPO valves have injection opening pressures greater than the injection 
closing pressure. The difference between the opening and closing 
pressure is called the “spread” of the valve. An IPO valve is opened if 
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the injection pressure is above the injection opening pressure and it is 
closed if the injection pressure is below the valve’s injection closing 
pressure (all these pressures are evaluated at the valve’s depth). If the 
injection pressure lies between the opening and closing pressures, it 
is uncertain if the valve is opened or closed and the valve’s dynamic 
models that are explained in chapter: Gas Flow Through Gas Lift 
Valves must be used to find that out. The valve’s dynamic models 
can also determine the gas flow rate that a valve can pass for given 
upstream and downstream pressures, gas injection temperature, and 
the valve’s closing pressure. If the injection pressure lies between the 
injection opening and closing pressures, the fact that a model predicts 
that the valve is opened does not necessarily mean that the valve is 
actually opened: if the injection pressure reached its current value from 
a pressure lower than the closing pressure, the valve should still be 
closed. However, if the valve was already opened and the pressure was 
reduced to a value between the opening and closing pressures, then the 
valve could be opened if the dynamic conditions are right. This adds an 
extra difficulty to the analysis of the results when doing the injection 
gas mass balance. PPO valves are considered to be opened if the 
production pressure is above the value for which they open and remain 
open in a stable manner. This procedure is extremely inaccurate for 
PPO valves. In conclusion, calculations involving valve mechanics and 
dynamic models determine which of the valves might be opened, but 
only as a very rough approximation for valves other than the assumed 
point of injection (the idea is to know if for that particular point of 
injection there might be additional valves opened).

j The next step is to calculate the gas flow rate that can pass through the 
particular valve under investigation (the one assumed to be the current 
point of injection). For the injection gas to pass through a given valve, 
the injection pressure should be greater than the production pressure 
and the valve should be open. The gas flow rate is calculated using two 
types of procedures:
❏ Assuming the valve is in good working condition, in which case 

the gas flow rate is calculated using the dynamic models explained 
in chapter: Gas Flow Through Gas Lift Valves. When the gas flow 
rate is in throttling flow, the dynamic model might indicate that the 
valve is closed and the gas flow rate is equal to zero.

❏ Assuming that the valve is damaged and totally open so that 
calculations are performed as if the valve is an orifice valve using 
the Thornhill–Craver equation (explained in Chapters: Single and 
Multiphase Flow Through Restrictions and Gas Flow Through Gas 
Lift Valves), which gives similar results to the ones obtained by 
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the dynamic models if the valve is totally open. Regardless of the 
status of the valve (opened or closed) as determined by the valve 
mechanic equations, the gas flow rate through the assumed point 
of injection is always calculated because the valve might indeed 
be opened due to any valid reason, like being flat or simply stuck 
opened.

j If calculations determine that there is only one valve opened and it 
corresponds to the point of injection being investigated, the measured 
gas flow rate at the surface should be approximately equal to the gas 
flow rate calculated for the assumed point of injection. But if the 
measured gas flow rate is much larger than the one calculated using 
both, the dynamic models and the Thornhill–Craver equation, it is then 
possible that:
❏ The operating valve is another one;
❏ There is more than just one point of injection; or
❏ The data used to calculate the gas flow rate is not accurate.

Usually, dynamic models results are not very accurate because they are very 
sensitive to the valve’s closing pressure. Any small error in the calculation 
of the valve’s temperature is going to cause a small deviation on the cal-
culated injection closing pressure, which in turn could induce a very large 
error in the estimation of the gas flow rate using dynamic models. The error 
could also be due to an injection gas pressure at depth calculated using a gas 
specific gravity or gas injection surface pressure inaccurately measured. In 
any case, even if the injection gas mass balance does not give very accurate 
results, it could show that there might or might not be multiple points of in-
jection. For example, if the error made in the calculation of the gas flow rate 
is from 100–200 Mscf/D, but the calculated gas flow rate is still 600 Mscf/D 
less than the measured surface injection gas flow rate, it is highly possible 
that there might be multiple points of injection or that the operating valve is 
different from the one being analyzed.

j As previously mentioned, even if it is not strictly correct, for a given 
assumed point of injection all other valves are checked to see if they 
are opened or closed. If any of them is opened and the injection 
pressure is greater than the production pressure, then the gas flow rate 
that can pass through that valve (different from the assumed point of 
injection) is also calculated. This is only an approximation because the 
production pressure at each valve was calculated assuming that all the 
gas is being injected through the assumed point of injection. Here too, 
the gas flow rate is calculated in two different ways: using dynamic 
models and using the Thornhill–Craver equation.
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j The injection gas mass balance consists in comparing the sum of the 
gas flow rates of all the valves that might be opened with the measured 
gas flow rate at the surface. This balance is performed taking into 
account the fact that, for each assumed point of injection, there might 
be other valves opened with the injection pressure greater than the 
opening pressure or with the injection pressure between the closing 
and opening pressures. If the injection gas flow rate measured at the 
surface is much greater than the gas flow rate that each valve can pass 
individually, there is a strong possibility that there are multiple points 
of injection.

j For each assumed single point of injection, it must be determined if the 
calculated bottomhole flowing pressure is compatible with the actual 
liquid production, taking into account the IPR curve. The bottomhole 
flowing pressure is calculated from the wellhead pressure, the total gas 
and liquid production, the injection gas flow rate through the assumed 
point of injection, and the particular depth of the assumed point of 
injection being investigated. With the calculated bottomhole flowing 
pressure, the liquid production can be estimated using the IPR curve 
of the well, as shown in Fig. 11.2. Unfortunately, this step is in many 
cases impossible to perform in an accurate way because of the lack of 
reliable data to build the IPR curve or due to inaccuracies that have to 
do with the calculation of the bottomhole flowing pressure (inaccurate 
multiphase flow correlations or PVT data).

j All previous steps are repeated for a new “assumed” point of injection 
depth.

Due to the uncertainty in determining if the valve is opened or closed, valve’s 
mechanics equations are used in combination with the dynamic models. 
Knowing the type of valve installed in the well, its temperature, its seat di-
ameter, and its calibration pressure, it is easy to determine its bellows pres-
sure at operating conditions. From these values, the valve’s opening pressure 
at valve’s depth is calculated. For IPO valves, for example, the value of this 
calculated opening pressure is compared with the gas injection pressure at 
depth, which is calculated from the measured surface injection pressure. If 
the opening pressure is less than the injection pressure, it is highly possible 
that the valve is opened. The valve could also be opened even if the injec-
tion pressure is below the opening pressure, however, as it was pointed out 
earlier, only if the injection pressure is higher than the closing pressure and 
the valve was already opened before reaching the current injection pressure. 
For nitrogen-charged, IPO valves, the closing pressure is equal to the bellows 
pressure at operating conditions (if the valve does not have a spring to protect 
the bellows, as explained in chapter: Gas Lift Valve Mechanics).
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The opening and closing pressures of IPO valves are shown in Fig. 11.3 
as an example. These pressures were calculated for an assumed point of 
injection, but they could have been calculated for any of the three possible 
points of injection. For each assumed point of injection, these pressures are 
going to be only slightly different because the production temperature and 
pressure, which depend on the depth of the point of injection, have a small 
impact on the opening pressure of an IPO valve. Depending on the working 
condition of each valve in this figure, it can be appreciated that the first valve 
might be closed, the second valve might be opened or closed, and the third 
valve might be opened.

It is important to point out once again that even though it is very easy to cal-
culate the gas injection pressure at depth, this calculated pressure will not be 
accurate if the surface injection pressure and/or the gas specific gravity are 
not precisely determined. It is necessary to check the surface injection pres-
sure with a recently calibrated sensor. The maximum reading of the instru-
ment should also be adequate for the value of the pressure being measured. A 
pressure sensor with a range from 0 to 5000 psi and an accuracy of 1% of its 
maximum reading will have an error of 50 psi, which is not acceptable for most 
troubleshooting calculations. The errors that can be made due to the uncertain-
ties in the measurement of the surface pressure and the gas specific gravity are 
shown in Fig. 11.4. The error that might be present in the surface gas injection 
pressure measurement is represented by line a–b in the figure. It is also uncer-
tain what the gas specific gravity is. From point “a” and “b” the injection pres-
sures at depth are calculated for the estimated minimum gas specific gravity. 
This gives the pressures at “c” and “d.” From point “a” and “b” the injection 

■■ FIGURE 11.3 Opening and closing pressures of each valve for a given point of 
injection (IPO valves).
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pressures at depth are calculated for the estimated maximum gas specific grav-
ity. This gives the pressures at “e” and “f.” Clearly, the combined uncertainty 
represented by line c–f can be large and its value increases with depth.

Not knowing the gas specific gravity could lead to serious design faults, 
which could in turn cause valve interference or, in extreme cases, the im-
possibility to unload the well because the lower valves could have surface 
closing pressures larger than the ones for the upper valves: Fig. 11.5a shows 

■■ FIGURE 11.4 Error in the estimation of the injection pressure at depth due to errors 
in the surface injection pressure and gas specific gravity measurements.

■■ FIGURE 11.5 Design error caused by assuming a larger than actual gas specific gravity (IPO valves).
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the original design assuming a gas specific gravity much greater than it actu-
ally is. For the high gas specific gravity, the design surface closing pressures 
make sense because their values decrease for deeper valves. But the same 
design for a lower gas specific gravity would not work because the surface 
closing pressures of the deeper valves will actually be greater than the ones 
for the valves above, as shown in Fig. 11.5b. Additionally, for the example 
shown in the figure it will not be possible to reach the first (shallowest) valve 
because the injection pressure at depth will be less than the production pres-
sure. The situation depicted in Fig. 11.5 is an extreme condition that rarely 
happens but it is shown to emphasize the importance of accurately knowing 
the gas specific gravity.

For orifice valves (or a calibrated valve thought to be damaged and fully 
opened) the following calculation technique is sometimes used. It is simi-
lar to the one just explained earlier and consists of the following steps 
(Fig. 11.6):

j The production pressure at valve’s depth P2 is calculated from the 
wellhead pressure, the total gas flow rate, and the liquid production. 
For this purpose, the multiphase flow correlation estimated to be the 
most appropriate one for current operational conditions is used.

j Using an iteration procedure explained in Fig. 4.8 and in Fig. 11.7 
below, the injection pressure upstream of the orifice P1 is calculated 

■■ FIGURE 11.6 Surface injection pressure estimated from the measured wellhead 
production pressure, liquid, and gas production flow rate, orifice diameter, and injection 
gas flow rate.
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from the production pressure P2, the orifice or seat diameter, and 
the gas flow rate. Any equation for gas flow rate calculation through 
an orifice, such as the Thornhill–Craver equation or the orifice flow 
equations developed at The University of Tulsa, can be used in the 
iterations.

j From the upstream pressure found in the previous step (P1), the surface 
injection pressure is calculated. This can be done by trial and error: for 
different surface injection pressures, the gas factor used to calculate the 
injection pressure at depth is found. The surface injection pressure that 
gives a downhole pressure equal to the injection pressure at depth P1 
is compared with the measured surface injection pressure. If they are 
approximately equal then the valve under investigation is the possible 
point of injection. If they are different, it is possible that the point of 
injection is another one or that the data used in the iterative process 
to find P1 from the value of P2 is not sufficiently accurate for such a 
procedure.

The steps just described earlier are presented in Fig. 11.6.

If the gas injection flow through the orifice (or calibrated gas lift valve sup-
posed to be damaged and fully opened) is critical flow, then this procedure 
could turn out to be very accurate. However, if the flow is subcritical, the 
results might not be too reliable because the iteration procedure explained 
in Fig. 11.7 to find the valve’s upstream pressure is very sensitive to the 
calculated production pressure P2, which is calculated from multiphase flow 
correlations that most of the time gives an error that is unacceptable for the 
procedure explained in Fig. 11.6.

The iterative procedure that is used to calculate the pressure upstream of 
the orifice valve (P1) if the orifice diameter, gas flow rate, and downstream 

■■ FIGURE 11.7 Calculation of the upstream pressure P1 from the downstream pressure 
P2, the orifice diameter, and the known injection gas flow rate Qgi.
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pressure are known is explained next. It is a complex procedure because if 
P1 is not known, the gas flow rate curve as a function of the downstream 
pressure is also an unknown.

As can be seen in Fig. 11.7, P1 needs to be found from an iterative procedure 
in order for the gas flow rate curve to pass through the point with coordi-
nates given by the known gas flow rate Qgi and the calculated production 
pressure P2. For this process, the first value of P1 must be assumed. Then, 
the gas flow rate corresponding to P2 is calculated using, for example, the 
Thornhill–Craver equation (with P1, P2, and the orifice diameter). If the cal-
culated gas flow rate is less than the measured gas flow rate, the value of the 
assumed P1 should be increased and vice versa. In any case, the difference 
between the calculated and the measured gas flow rates can be used to esti-
mate the new value of P1.

But it is not always necessary to iterate to find P1. In Fig. 11.8, it can be 
seen that for a given gas flow rate and orifice diameter there is one and only 
one value of the upstream pressure, known here as P1′, for which the flow is 
critical. This unique value of P1′ could be directly found from the Thornhill–
Craver equation (Eq. 4.25), using in this equation the pressure ratio r, equal 

to P2/P1, for critical flow as ( )= ′ + 
( )′ ′−

r k2 / 1
k k/ 1

 and the known gas flow 
rate Qgi (k′ is the gas specific heat ratio). Once the value of P1′ has been 
found in this way, the value of P2′ is simply equal to r(P1′). If the pressure 
P2 (calculated from the wellhead production pressure using multiphase flow 
correlations) is less than or equal to P2′, the value of P1 is precisely P1′. This 
corresponds to case “a” in Fig. 11.8. Otherwise, the value of P1 must be de-
termined by iteration, which is case “b” in Fig. 11.8. If the gas flow through 
the orifice is critical flow, this procedure to find P1 is very accurate (because 
it does not depend on the value of P2, which is hard to calculate in an accu-
rate manner) as long as the gas flow rate and the surface injection pressure 
have been accurately measured.

r=2/k9+1k9/k9−1

■■ FIGURE 11.8 Determining if iterations are needed to find P1.
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The procedure described in Fig. 11.6 could be applied to a calibrated valve 
in good working condition, but instead of using simple gas flow rate equa-
tions (like the Thornhill–Craver equation), valve’s dynamic models should 
be used; but because these model require very accurate data, this procedure 
is simply not recommended for calibrated valves unless it is absolutely cer-
tain that the gas flow through the valve corresponds to “orifice flow” and not 
to throttling flow.

As a final topic in this section, the equations that are used to find the opening 
and closing pressures for the different types of valves and their respective 
calibration procedures (by opening or closing the valve at the test rack) are 
now presented from the perspective of a troubleshooting analysis, as op-
posed to their usage for gas lift design purposes. This means that the open-
ing and closing pressures are calculated from the calibration data found in 
the well’s file. Fig. 11.9 shows the nomenclature used in these equations for 
IPO valves and the required surface pressures for the valve to be opened or 
closed. Fig. 11.10 shows the same information but for production-pressure 
operated valves.

First of all, for nitrogen-charged gas lift valves it is important to calculate 
the dome pressure at operating conditions. Two ways of doing this calcula-
tion are presented in chapter: Gas Lift Valve Mechanics, one of which is 
very easy to use and it is presented here.

The following equation can be used to find the dome pressure at operating 
conditions (Pbt) from the dome pressure at test-rack conditions (P′b):

■■ FIGURE 11.9 Nomenclature used in 
the valve-mechanic equations for IPO 
valves and the required surface injection 
pressures for the valve to be opened or 
closed.
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= ′ −P P b abt b (11.4)

Where a and b are parameters given by:

a = 0.083(Tv – 60)

b = 1 + 0.002283 (Tv – 60)

Where Tv is the valve operating temperature in °F. Eq. 11.4 should not be 
used for values of Pbt greater than 2000 psig or operating temperatures 
greater than 220°F. If Eq. 7.16 is used instead of Eq. 11.4, an iterative proce-
dure described in Fig. 7.3 should be used. This iterative procedure is a more 
complicated way of calculating the bellows pressure but could be more ac-
curate for high surrounding pressures and temperatures. Recently developed 
gas lift valves for high-pressure applications require different parameters to 
calculate the dome pressure at operating conditions, the reader should con-
sult valves’ manufacturers for these cases.

The operating temperature of a wireline retrievable valve installed in a standard 
side pocket mandrel lies between the gas injection temperature and the tem-
perature of the production fluids. It is important to know the relative position 
of the upper packing of the gas lift valve in relation to the dome of the valve to 
estimate the temperature inside the dome. In 1-inch outside diameter valves, a 
good part of the dome is located below the upper packing of the valve, thus the 
dome is mostly exposed to the gas injection temperature. The opposite is true 
for 1.5-in. OD valves, in consequence the dome is mostly exposed to the pro-
duction fluid temperature. This topic is explained in detail in Chapters: Gas Lift 

Pbt=P'bb−a
■■ FIGURE 11.10 Nomenclature used 

in the valve-mechanic equations for 
PPO valves and the required production 
pressures for the valve to be opened or 
closed.
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Valve Mechanics and Design of Continuous Gas Lift Installations. The upper 
and lower packing of wireline retrievable valves are identified in Fig. 6.4.

The value of P′b used in Eq. 11.4 is equal to (Ptr – P′r)(1 – R) for nitrogen-
charged, IPO valves, where Ptr is the test-rack injection opening pressure in 
psig, R is the area ratio of the valve, and P′r is the spring constant pressure 
of the spring provided in some valve models to have an additional closing 
component to protect the nitrogen-charged bellows (P′r is usually a fixed 
value supplied by the valve’s manufacturer). If the valve does not have a 
spring then P′r is equal to zero. The expression for P′b for nitrogen-charged, 
PPO valves is the same as the one for nitrogen-charged, IPO valves, that is 
(Ptr – P′r)(1 – R), but in this case Ptr is the test-rack “production” opening 
pressure and not the test-rack “injection” opening pressure. For both types 
of valves, this expression is then introduced in Eq. 11.4 to give an equation 
for Pbt in terms of Ptr, P′r and R, which can all be easily found in the well’s 
file. Introducing Eq. 11.4 (with this expression for P′b) in the force balance 
equations given in chapter: Gas Lift Valve Mechanics for each type of valve, 
gives the equations that are listed next and that can be used in the trouble-
shooting process to find the valve’s opening and closing pressures at operat-
ing conditions. In the following equations all pressures are expressed in psig.

Nitrogen-charged, IPO valves

The valve’s closing injection pressure at valve’s depth, Pcvc, is:

= − ′ − + ′ − −P P P b R P R a( ) (1 ) (1 )cvc tr r r (11.5)

Where Ptr is the calibration opening pressure, as reported in the gas lift de-
sign, P′r is the spring apparent pressure (for the rare cases in which the valve 
has a spring to protect the bellows and, as indicate above, P′r is a fixed value 
usually supplied by the valve’s manufacturer), R is the valve’s area ratio, 
and factors a and b are the parameters used in Eq. 11.4 to calculate the 
dome pressure at operating conditions Pbt from the dome pressure at test-
rack condition P′b.

The valve’s opening injection pressure at depth, Pcvo, is:

= ′+ − ′ − − − −P P P P b R P R a R[( ) (1 ) ] (1 )cvo r tr r t (11.6)

Where Pt is the production pressure at valve’s depth, which must be calcu-
lated from multiphase flow correlations (if the well is producing liquids)  
or from static liquid columns (if the well is not flowing, as indicated in 
Section 11.4.1).

Spring-loaded, IPO valves (calibration by measuring the test-rack closing 
pressure)

Pcvc=(Ptr−P'r)b(1−R)+P'r(1−R)−a

Pcvo=P'r+[(Ptr−P'r)b(1−R)−PtR−a

]/(1−R)
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The valve’s closing injection pressure at valve’s depth, Pcvc, is:

=P Pcvc tr (11.7)

Ptr is the test-rack calibration closing injection pressure which does not re-
quire temperature correction.

The opening injection pressure at valve’s depth, Pcvo, is:

= − −P P P R R( ) (1 )cvo tr t (11.8)

Spring-loaded, IPO valves (calibrated by measuring the test-rack opening 
pressure)

The closing injection pressure at depth, Pcvc, is:

= −P R P(1 )cvc tr (11.9)

Ptr is the test-rack calibration opening injection pressure which does not 
require temperature correction.

The opening injection pressure at valve’s depth, Pcvo, is:

= − − −P P R P R R[ (1 ) ] (1 )cvo tr t (11.10)

Spring-loaded, PPO Valves (calibrated by measuring the test-rack opening 
pressure)

The valve’s closing production pressure at depth is:

= −P R P(1 )tc tr (11.11)

Ptr is the test-rack opening production pressure.

The valve’s opening production pressure at valve’s depth is:

= − − −P P R P R R[ (1 ) ] (1 )cvocto tr (11.12)

Where Pcvoc is the gas injection pressure at depth.

As can be seen in Fig. 11.10, the valve’s closing production pressure is 
greater than the valve’s opening production pressure (according to their def-
initions given here). This is due to the effect that the injection pressure Pcvoc 
has on the behavior of PPO valves. Pcvoc is usually much greater than the 
production pressure. When the production pressure increases from a value 
less than Pto, a point is reached in which the combination of the injection 
and production pressures is able to open the valve. But once the valve is 
opened, pressure Pcvoc (which is greater than the production pressure) no 
longer exerts a force on the ball of the valve because it is now subjected 

Pcvc=Ptr

Pcvo=(Ptr−PtR)/(1−R)

Pcvc=(1−R) Ptr

Pcvo=[Ptr(1−R)−PtR]/(1−R)

Ptc=(1−R)Ptr

Pto=[Ptr(1−R)−PcvocR]/(1−R)
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to the production pressure, which is lower. This makes the valve close as 
soon as it opens. This behavior is repeated until the production pressure is 
increased to values greater than Ptc, at which point the valve remains open.

Spring-loaded, PPO Valves (calibrated by measuring the test-rack closing 
pressure)

The valve’s closing production pressure at depth is:

=P Ptc tr (11.13)

Ptr is the test-rack closing pressure.

The valve’s opening production pressure at depth is:

= − −P P P R R( ) (1 )cvocto tr (11.14)

Where Pcvoc is the injection pressure at valve’s depth.

Nitrogen-charged, PPO valves (calibrated by measuring the test-rack open-
ing pressure)

The valve’s closing production pressure at depth is:

= − −P b R P a(1 )tc tr (11.15)

Ptr is the test-rack opening production pressure.

The valve’s opening production pressure at depth is:

= − − − −P P b R P R a R[ (1 ) ] (1 )cvocto tr (11.16)

Where Pcvoc is the injection pressure at valve’s depth.

11.4.3 Continuous gas injection but the well does 
not produce liquids
If a nitrogen-charged gas lift valve, in good working condition and above the 
static liquid level, remains open and circulating all the injection gas through 
it without liquid production, it is then highly possible that its temperature 
is such that it would not close at the design closing pressure but at a much 
lower one. This can also take place for valves below the static liquid level if, 
for any reason like sand accumulation at the bottom of the well, the well’s 
liquid production ceases. Therefore, the calculations presented here need to 
be performed, not only for valves above the static liquid level, but for all gas 
lift valves in the well. The drop in valve temperature is due to lack of liquid 
production (that would otherwise keep the valve warm) and gas expansion 
through the valve itself (which tends to cool the valve). This problem could 

Ptc=Ptr

Pto=(Ptr−PcvocR)/(1−R)

Ptc=b (1−R)Ptr−a

Pto=[Ptrb (1−R)−PcvocR−a]/(1−R)
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happen when the well’s liquid production has not been properly estimated 
or the selected seat diameter is too large for current operating conditions and 
the valve passes a very high gas flow rate, causing the injection pressure to 
drop, but the valve would not close because its temperature is too low.

The isentropic gas flow through an orifice can be modeled by the following 
equation:

( )= ( )′− ′
T T P P

k / k

2 1 2 1

1

 (11.17)

Where P1 and P2 correspond, respectively, to the valve’s upstream and down-
stream pressures in psia, while T1 and T2 are, respectively, the upstream and 
downstream temperatures in °R, and k′ is the gas specific heat ratio, Cp/Cv. 
If T2 is assumed to be the valve’s temperature, it has been found that it is a 
good approximation to set (k′ – 1)/k′ equal to 0.05 because the process is 
irreversible, with some minor heat transfer, and the valve temperature is not 
exactly equal to the downstream gas temperature. In Eq. 11.17, the upstream 
and downstream pressures can be easily calculated from the measured sur-
face injection and production pressures because the flow is single-phase gas 
flow. Additionally, the upstream temperature T1 can be approximated as the 
geothermal temperature, thus only T2 remains to be calculated. Then this es-
timated valve temperature can be used to find the dome pressure, Pbt, which 
in turn can be used to get the valve’s opening and closing pressures with the 
equations given at the end of the previous section. The valve temperature in 
°F to be used in the equations given above to find Pbt from P′b (Eq. 11.4) is:

( )= −T T P P 460
.

v 1 2 1

0 05

 (11.18)

Once Tv is found, parameters a and b can also be calculated (and applied in 
Eq. 11.4) and the equations given in the last section can be used to find the 
values for the valve’s opening and closing pressures (depending on the type 
of valve and its corresponding test-rack calibration procedure). In this case, 
the valve’s downstream pressure is found from: Pt = Pwhfgt = P2 and the up-
stream pressure is given by: Pcvoc = Pcsocfgc. Here, fgt is the gas pressure factor 
for the measured production wellhead pressure Pwh and fgc is the gas pres-
sure factor for the measured surface injection pressure Pcsoc. The valve me-
chanic equations can indicate if the valve is opened or closed. However, for 
IPO valves, for example, if the upstream pressure at valve depth (injection 
pressure) is between the opening and closing pressures of the valve, the dy-
namic models given in chapter: Gas Flow Through Gas Lift Valves must be 
applied to determine if the valve is indeed opened or closed and to calculate 
the gas flow rate. Furthermore, as it was indicated in Section 11.4.2, the fact 
that a dynamic model predicts that the valve is opened does not necessarily  

T2/T1=P2/P1k9−1/k9

Tv=T1P2/P10.05−460
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mean that the valve is actually open; if the injection pressure (between the 
opening and closing pressures) reached its current value from a pressure 
lower than the closing pressure, the valve should be closed. However, if the 
valve was already opened and the pressure decreased to a value between the 
opening and closing pressures, then the valve could be opened if and only if 
the dynamic conditions are right, in other words, if the production pressure 
is above the “production closing pressure” under dynamic conditions. The 
reader is advised to review Fig. 8.5 to understand the concept of “production 
closing pressure” under throttling flow conditions.

Continuous gas lift injection without liquid production could also be due to: 
(1) a hole in the tubing above the static liquid level (if the well’s perforations 
are plugged with sand, for example, the hole could also be below the static 
liquid level) or an unseated valve inside the pocket (which behaves exactly 
like a hole in the tubing), (2) an open flat valve, or (3) a valve stuck open 
(with, for example, a solid particle stuck between the ball and the seat that 
would not allow the valve to close). A communication test can confirm if the 
problem is due to a hole in the tubing or a gas lift valve in any of the follow-
ing conditions: (1) at a lower than expected temperature, (2) flat, or (3) stuck 
open. This is because communication tests take advantage of the fact that a 
hole allows gas to pass in any direction (to or from the annulus), while a gas 
lift valve has a check valve that allows the gas to pass in only one direction. 
Communication tests are explained in Section 11.5.1.

As indicated earlier, an unseated valve inside the side pocket of a gas lift 
mandrel could make the well behave as if it had a hole in the tubing. On the 
other hand, a flat valve that, additionally, has a damaged check valve could 
also make the well behave as if it had a hole in the tubing, but this unfortu-
nate combination is unlikely to happen. When the surface gas injection into 
a well that is circulating gas with no liquid production is shut off, while leav-
ing the production tubing open to the separator or main production header, 
the surface injection pressure will drop to the wellhead production pressure 
(which should be approximately equal to the pressure at the separator) if, 
above the static liquid level, there is one of the following problems: a hole in 
the tubing, a flat valve, an unseated valve, or a valve stuck open. But if gas 
circulation with no liquid production is due to a valve above the static liquid 
level that will not close because of its low temperature, when the surface gas 
injection is shut off the wellhead injection pressure will drop down to the 
valve’s current closing pressure, which is usually lower than its design clos-
ing pressure (because of the low temperature) but not as low as the wellhead 
production pressure. Figs. 11.11a,b show the wellhead pressure behavior of 
a well circulating gas (with no liquid production) after the surface gas injec-
tion is shut off.
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Fig. 11.11a shows what happens in case of a nitrogen-charged, IPO valve 
at a temperature lower than expected. The final surface injection pressure 
corresponds to the surface closing pressure of the valve, which is lower than 
expected because of its low temperature.

Fig. 11.11b shows what happens when there is a hole (of a small diameter) 
above the static liquid level through which all the gas injected at the sur-
face is being circulated (it could also be a flat valve or a valve stuck open, 
above the static liquid level). For large diameter holes, the injection pressure 
is usually much lower than shown in the figure (before the gas injection 
is shut off) and the gas flow rate is very large. The final injection pressure is 
equal to the final production pressure which is, in turn, very similar to the 
pressure at the separator in this case (the final pressure curves do not coin-
cide in the chart because the scale for the production pressure is from 0 to 
1000 psig while for the injection pressure it is from 0 to 1500 psig). Some-
times the pressure chart shows the final injection pressure to be different 
from the final production pressure even when the well was only circulating 
gas through a hole. Because the tubing hole is above the static liquid level, 
the difference in pressure in this case could only be due to an error in the 
calibration of the injection and production pressure sensors. This error can 
be corroborated by inverting the pressure signals; the injection pressure is 
connected to the production pressure sensor and the production pressure 
is connected to the injection pressure sensor. If the problem is due to poor 
calibration, the difference between the readings should still be the same (if 
the injection pressure sensor’s reading is initially higher, for example, this 
sensor will still give a higher reading). In the figure, the injection gas is 
injected down the annulus.

For a hole with a flow area approximately equal to the flow area of a given 
gas lift valve that would not close due to its low temperature, the pressure 
drop is steeper and would not show signs of gas throttling that gas lift valves 
show when they are just about to close after the surface gas injection has 

■■ FIGURE 11.11 Behavior of the 
wellhead pressures of a well circulating 
injection gas with no liquid production 
when the surface injection gas flow is 
shut off while keeping the well open to 
production. (a) Valve at lower than expected 
temperature and (b) hole in the tubing.
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been shut off. When the surface gas injection into a well that has a hole 
in the tubing and is producing some liquid in a steady fashion is shut off, 
the wellhead pressures behave like those for a well circulating gas through 
a valve at a low temperature (Fig. 11.11a); the liquid that accumulates in 
the tubing above the hole (after the surface gas injection is shut off) acts as 
a plug that stops the surface injection pressure from dropping all the way 
down to the production wellhead pressure. The difference between the final 
wellhead injection and production pressures is equal to the hydrostatic pres-
sure due to the difference between the liquid level inside the tubing and in 
the annulus.

If the problem is a flat valve or a valve stuck open, the injection pressure 
(after the surface gas injection is shut off) will drop at a lower rate compared 
to the pressure drop caused by a hole in the production tubing (of the same 
size of the gas lift valve’s seat) because the ball interferes with the gas flow 
through the gas lift valve.

If the well is not producing any liquids, the average gas flow rate from the 
annulus into the tubing (after the surface gas injection to the well has been 
shut off) can be calculated in an approximate way for any selected short 
time interval (for which the measured initial and the final annular injection 
pressures should not be very different). If the liquid level in the injection an-
nulus is known, the initial and final gas volumes in the annulus in scf can be  
calculated for the given short time interval using Eqs. 10.58 and 10.59 for 
intermittent gas lift. The gas flow rate is equal to the initial minus the final 
gas volume in the annulus divided by the elapsed time of the selected inter-
val. With the gas flow rate found in this way, the Thornhill–Craver equation 
can be used to find the orifice diameter. This diameter is compared with the 
diameter of the seat of the valve under investigation. If the calculated diam-
eter is smaller than the valve seat diameter, it is possible that the problem 
is due to a partially plugged valve that would not close. Several operational 
steps, already discussed in Section 11.3, could be tried to unplug the valve 
like, for example: venting the injection annulus several times or pressuring 
the casing and the tubing to line pressure and then suddenly venting the 
production tubing, etc. The Thornhill–Craver equation is in this case used 
with an orifice upstream pressure equal to the average injection pressured 
measured for the elapsed time (referred to valve’s depth) and an orifice 
downstream pressure equal to the average production pressure at valve’s 
depth calculated from the measured wellhead pressure, Pwh, also during the 
selected time interval.

The following calculation procedure represents another way of finding the 
diameter of the orifice through which the gas is being circulated at a constant 
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gas flow rate before the surface gas injection is shut off (the orifice could be 
a hole in the tubing, a flat valve, a valve stuck open, etc.):

j The injection gas pressure at the orifice’s depth is calculated from the 
measured injection gas pressure at the surface, using the gas factor fgc 
for that surface injection pressure.

j The production pressure at the orifice’s depth is calculated from the 
wellhead production pressure measured at the surface, using the gas 
factor fgt if the flow is single-phase gas flow or using a multiphase flow 
correlation if the well is also producing liquids.

j With the upstream and downstream pressures calculated in this way 
and the measured surface gas flow rate, the Thornhill–Craver equation 
is used to find the orifice or valve seat diameter.

If the calculated diameter is approximately equal to the valve seat diameter 
under investigation, it is highly possible that gas is being injected only 
through this particular valve. This procedure is more appropriate for situ-
ations in which only gas is being produced (with no liquid production) 
because multiphase flow correlations give production pressures that are not 
very accurate to be used in this type of calculation procedure, unless the 
gas flow through the orifice is critical. Calculations are more reliable if the 
well does not produce liquids as long as the wellhead pressures, the gas 
flow rate, and the gas specific gravities of produced and injection gas are 
carefully measured. The injection gas specific gravity is usually accurately 
measured. The produced gas specific gravity might be different from the 
injection gas gravity because it is possible that the well is producing for-
mation gas (but at a very low flow rate); However, usually the produced 
gas mixture specific gravity is not much different from the injection gas 
specific gravity (if the well is just circulating injection gas) and, in general, 
the production pressure at depth is very low, thus calculation errors of the 
downhole production pressure are usually negligible. Calculations are even 
more precise if the gas flow through the gas lift valve or orifice is critical 
because critical flow calculations are not influenced by calculation errors 
of the downstream pressure. The calculation procedure just described is 
shown in Fig. 11.12.

Diameter calculations as explained earlier should be used with caution be-
cause the valve might be throttling the gas flow giving smaller orifice di-
ameters. Valve diameter calculations for injection point identification are 
more reliable for holes or orifice valves (as opposed to calibrated valves) in 
critical flow and in wells with no liquid production.

When the well is not producing liquid, the previously described itera-
tion procedure for single point gas injection (shown in Fig. 11.6) is also 
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applicable: (1) The gas pressure at depth in the tubing is calculated from 
the wellhead measured production pressure Pwh; (2) using the gas flow rate, 
the valve seat diameter, and the already calculated production pressure, the 
valve’s upstream injection pressure is calculated using the iterative proce-
dure explained in Fig. 11.7 (in case of an orifice or a flat valve) or using 
dynamic models for valves that are properly working; and (3) from this 
upstream injection pressure at valve’s depth, the surface injection pressure 
is determined and compared to the measured surface injection pressure to 
confirm that the valve under investigation is the actual point of injection. 
The orifice diameter (or the valve calibration data) must be known to per-
form these steps. Because of the simplicity and accuracy of calculating the 
downhole pressures from the measured upstream and downstream surface 
pressures, this procedure is specially recommended when the well does not 
produce any liquids.

It is always a good practice to pay the well a visit when it is circulating 
gas with no liquid production. The wellhead could be cooler than ambient 
temperature and with condensate water drops on its surface, revealing that 
the problem might be at the wellhead. When the gas is circulated through an 
upper gas lift valve, it is also possible that the wellhead temperature is lower 
than the normal wellhead temperature, but not as low as it might be when 
the problem is right at the wellhead.

■■ FIGURE 11.12 Determination of the diameter of a possible casing–tubing 
communication using pressures at depth found from the pressures measured at the 
wellhead.
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11.5 FIELD TECHNIQUES FOR TROUBLESHOOTING 
A GAS LIFT WELL
Several operational techniques that can be used to determine the point of 
gas injection are presented in this section. These techniques can be applied 
individually, or combining several of them, to understand what might be 
happening downhole. Some techniques are neither expensive nor imply op-
erational risks, but others are very expensive and/or involve some kind of 
risk to the completion or to the formation. This is the reason why the tech-
nique most suitable for a particular well must be carefully determined to 
avoid unnecessary expenses and/or risks. The optimization engineer must 
be properly trained to solve, as much as possible, operational problems us-
ing only numerical procedures and leave operational techniques for cases in 
which they are absolutely necessary to find out the root of the problem and 
the economic benefits are worth the effort.

11.5.1 Communication tests
Communication tests are frequently used in the field to determine if the 
wells have: holes in the tubing, flat valves with their check valves damaged, 
unseated valves, leaking completion packers, or an annulus-tubing commu-
nication at the wellhead. If the liquids are produced up the tubing, the com-
munication test is performed in the following way:

j Close the wing valve that communicates the production tubing to 
the flowline, but leave the gas injection valve open (making sure that 
the wellhead production pressure can be measured). Eventually, the 
gas flow rate will decrease to zero and the wellhead production and 
injection pressures will reach the gas line pressure if there is at least 
one valve (or communication) located above the current liquid levels 
in the casing annulus and in the tubing (as explained below, the tubing 
liquid level might actually be lower or higher than the reservoir static 
liquid level). If the liquid level in the tubing is above the first valve or 
communication, the final production pressure will be high but not as 
high as the line pressure. The difference between the wellhead annulus 
and tubing pressures in this case is caused by the hydrostatic pressure 
of the liquids in the tubing.

j After the wellhead pressures have stabilized, the surface gas injection 
to the well is shut off (making sure that the annular pressure can be 
measured) and the annular pressure is then vented very fast using 
the wellhead casing valve opposite the injection valve or any other 
means that would allow the annular injection pressure to drop rapidly. 
This operation must be carried out with care, especially if there is a 
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possibility that the liquid level in the annulus is close to the surface 
because it can cause an oil spill if the injection gas is not directed 
towards the flowline or a tank that can serve as a provisional gas-liquid 
separator. Even though it is (unfortunately) a common practice in some 
gas lift fields, gas should not be vented to the atmosphere: methane is 
a gas that contributes to the greenhouse effect and it is a dangerous, 
inflammable gas.

j The existence of an unwanted communication is confirmed if the 
production tubing pressure drops as soon as the casing pressure begins 
to decline (while venting the annulus). If there is no communication, 
the production pressure should remain constant because the check 
valves inside the gas lift valves will not allow gas or liquids to pass 
from the tubing into the annulus. Flow across an IPO gas lift valve is 
also not allowed as soon as the injection pressure drops to values less 
than the valve’s injection closing pressure and, for a PPO valve, as 
soon as the production pressure drops to values less than the valve’s 
production closing pressure.

If, in normal operation, gas is injected down the tubing and the well produc-
es up the annulus, the previous steps are also performed, but in this case the 
valve that connects the annulus to the flowline is first closed and when the 
wellhead pressures have stabilized, the gas injection valve into the tubing is 
closed. Then, the tubing is vented very fast. If there is an unwanted com-
munication, the annular pressure should drop, otherwise it remains constant. 
It is important to mention that in annular flow wells, the check valves inside 
gas lift valves allow the flow to go from the tubing towards the annulus and 
not in the opposite direction, unless the check valve is damaged.

If the well has one or several concentric annuli in addition to the produc-
tion annulus, it must be verified that there is no communication between the 
production annulus and the one next to it. Wells usually have at least two 
annuli: the production annulus and the surface annulus. At the beginning of 
the communication test, the surface annulus must be vented to atmospheric 
pressure and then it should be closed, verifying throughout the communica-
tion test that its pressure is not rising.

The production annulus could have a communication to a shallow formation 
due to a hole in the casing through which injection gas might be escaping. 
This could be easily verified if “all” the valves in the well are IPO valves 
in “good condition” and the communication test has shown that there is 
no tubing-annulus communication. Simply, with the well in normal opera-
tion, the gas injection is shut off. The surface injection pressure should drop 
to the gas lift operating valve’s surface closing pressure. If the injection 
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pressure continues to drop to values even lower than the operating valve’s 
closing pressure, gas might be escaping to a shallow formation because the 
communication test has ruled out the possibility of a tubing-annulus com-
munication. Many times shallow formations have a pressure similar to the 
hydrostatic pressure of a water column of the same vertical depth of the 
shallow formation. If there is an orifice valve at the operating point of injec-
tion, or one of the valves is flat, or some of the valves are leaking gas (be-
cause their seats are cut) but with their check valves in good conditions, this 
test can also be performed but keeping the tubing pressurized at a pressure 
high enough so that the gas in the annulus cannot be injected into the tubing: 
If, after shutting off the gas into the casing, the casing pressure continues to 
drop then there might be a communication between the casing and a shallow 
formation.

Figs. 11.13a,b,c show the surface pressure charts taken during communica-
tion tests in wells which produce liquid up the production tubing while gas 
is injected down the annulus: (a) A well with a communication possibly lo-
cated above the reservoir static liquid level; b) a well with a communication 

■■ FIGURE 11.13 Wellhead pressure charts taken during a communication test: in (a) and (b) the well has a small communication; in 
(c) there is no casing–tubing communication. (a) Well with a communication (possibly above the static liquid level), (b) well with a communication 
(possibly below the static liquid level, and (c) well with no tubing-annulus communication.



67711.5  Field techniques for troubleshooting a gas lift well

possibly located below the reservoir static liquid level, and (c) a well with 
no casing–tubing communication.

In Fig. 11.13, the production (tubing) pressure readings go from 0 to 1000 psig 
and the injection (annulus) pressure readings go from 0 to 1500 psig. Gas is 
injected down the annulus and liquid production is done up the tubing. The 
communications should be small: large communications above the reser-
voir static liquid level cause very low injection pressures at high flow rates, 
while large communications bellow the reservoir static liquid level cause 
large tubing and casing headings that are analyzed in chapter: Intermittent 
Gas Lift Troubleshooting. Small communications, on the other hand, can 
maintain stable wellhead pressures. The fact that the production pressure in 
Fig. 11.13b does not drop to the injection pressure is an indication that there 
might be a liquid column in the annulus and in the tubing (both above the 
communication) that traps the gas inside the tubing. This might suggest that 
the communication is below, or very close to, the reservoir static liquid level, 
but it is difficult to predict the final value of the surface production pressure 
due to the many possibilities that can take place depending on the well cur-
rent reservoir pressure and operational conditions. For example:

j If the communication is well above the static liquid level, the 
probability of the production pressure dropping very fast to annular 
pressure (in a communication test) is very high.

j If the communication is above but not much higher than the static liquid 
level, it is possible that the production pressure drops to annular pressure 
or, on the contrary, to a greater pressure and then, after a few hours 
or days, it could eventually drop to annular pressure: What happens 
in the latter case could be due to the fact that the well was producing 
liquids with a high liquid fraction in the tubing and, after the wing valve 
was closed, all the liquids inside the tubing dropped to the bottom, 
generating a liquid column above the tubing-annulus communication 
(in the tubing and in the annulus). Then, the maximum pressure that is 
reached inside the tubing is not high enough to push the liquids back 
into the formation very fast. Once the annulus is vented, the wellhead 
tubing pressure drops to a value that is not high enough to overcome 
the liquid column in the annulus. Afterwards, if no standing valve is 
installed inside the production tubing and below the comunication, the 
reservoir could slowly absorb the liquids in the tubing. The liquid level 
could drop down to the communication depth and the gas in the tubing 
could then drop very rapidly to annular pressure. This could happen 
when the reservoir injectivity index is very low.

j On the other hand, and opposite to the previous point, if the 
communication is below the static liquid level, but close to it, it 
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is possible that the production pressure drops very fast to annular 
pressure, giving the false impression that the communication is above 
the static liquid level. What could be in fact happening is that the well 
was producing with a very low liquid fraction in the tubing when the 
wing valve was closed. When the annulus is vented, the gas in the 
tubing flows into the casing faster than the liquid column, provided 
by the reservoir, can regenerate inside the tubing and it is only until 
several hours later that the liquid level reaches the communication. 
Depending then on how far the communication is from the static liquid 
level and on how much liquid is present in the tubing when the wing 
valve is closed, the final production pressure could reach any value, 
including the final annular pressure.

j If the communication if well below the static liquid level, the final 
production pressure could reach any value but it will probably be 
above the final annular pressure. The difference in pressure in this case 
corresponds to the difference between the liquid level in the tubing 
and in the annulus. The communication could be anywhere below the 
minimum value of the liquid level in the tubing. The final production 
pressure could take different values, even for the same well, depending 
on how much liquid was present inside the tubing and the annulus 
when the production of the well was stopped.

It is important to mention that, if the well does not have a standing valve in-
stalled in the tubing, the tubing pressure is going to decrease during a com-
munication test even if there is no tubing-annulus communication. This is 
due to the fact that the reservoir might be able to absorb liquids as time goes 
by. However, the rate of tubing pressure decline is very slow and this rate is 
not affected when the annular pressure is vented. Even if the well does have 
a standing valve installed in the tubing, the annular pressure might decline 
(at a low rate) because check valves (inside the gas lift valves) might leak 
(this is a source of confusion for inexperienced engineers).

Fig. 11.14 shows a well with a communication below the reservoir static 
liquid level and the pressure–depth diagram showing the pressures along the 
annulus and the tubing after the liquid levels have stabilized according to the 
reservoir pressure (the annulus is opened to atmospheric pressure).

For wells with IPO valves with a calibrated valve (not an orifice valve) at the 
point of injection, a totally different test consists in shutting off the injection 
gas flow rate but leaving the well open to production. This operation could 
show that the injection pressure might drop below the injection closing pres-
sure of the operating valve, indicating a possible communication between 
the tubing and the annulus. However, this unusually large reduction of the 
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injection pressure could also take place in wells with a flat valve or a valve 
with dirt between the ball and the seat that would not allow the valve to 
close. Only a communication test performed as indicated earlier could con-
firm if there is a tubing-annulus communication. If the communication test 
indicates that there is no tubing-annulus communication and yet the injec-
tion pressure decreases below the closing injection pressure of the operating 
valve, actions already explained in Section 11.3 should be taken to get rid 
of the dirt or solid particles that might be keeping any of the valves open. If 
the problem persists, then the valves should be replaced because it is highly 
probable that the root of the problem is a flat valve.

If the gas injection is shut off (leaving the well open to production) and the 
injection pressure drops to the closing injection pressure of one of the gas 
lift valves installed in the well, then it is highly possible that this particular 
valve is in fact the current operating valve. The closing pressures of differ-
ent types of valves are calculated with the valve mechanic equations given 
in Section 11.4.2. The injection closing pressure at depth must be similar to 
the closing pressure calculated using these equations.

If a tubing-annulus communication is detected, then its location can be 
found using sonic devices or by wireline techniques. Sonic devices are ex-
plained in Section 11.5.3.

■■ FIGURE 11.14 Pressure–depth diagram showing the final pressures in the annulus 
and in the tubing in a well with a communication below the static liquid level.
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The depth of the communication can be detected using the following wire-
line technique: gas is injected down the tubing while at the same time run-
ning in the tubing a “flag” that can detect and plug the communication. This 
flag is usually a small but compact ball of ragged cloths. When the flag 
reaches the communication, the flowing gas pushes it towards the annulus, 
so that the flag gets stuck in the hole. This is detected at the surface by a 
change in the wireline tension. The wireline tools run in the well are usually 
the following: the rope socket, a 5-ft. long weight bar, a link or tubular jar, 
a running tool (type j, for example) which is tied to the “flag.” The wireline 
tools should be as light as possible, but some weight must be run above the 
jarring tool in case something unexpected happens and it is necessary to jar 
up or down to release the wireline tools.

When pumping equipment is available at the well like, for example, during 
a workover job, another technique that is not very precise (but sometimes 
used in the field) to find the location of the communication consists in pump-
ing down the annulus a certain amount of liquid paint, afterwards fluids are 
pumped down the annulus until the paint begins to come out of the tubing at 
the surface. Liquids should always be injected into the well with care so that 
no damage is caused to the formation. Knowing the total volume of liquid 
pumped into the well at the time the liquid paint begins to emerge to the sur-
face, it is easy to determine the depth of the communication if it was below 
the liquid level when this test was begun. Because the wellhead tubing and 
annular pressures are equal for this test, if the communication is below the 
liquid level, then the liquid level in the tubing and in the annulus are at the 
same depths and volumetric calculations are very easily performed. The fol-
lowing equation can be used to find the depth Dcom of the communication:
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Where Dcom is the depth of the communication in Mft., Vb is the volume of 
fluids pumped into the annulus in Br, and Bt and Ba are the tubing and an-
nulus volumetric capacities, respectively, in Br/Mft. If it is suspected that 
the liquid level is below the communication, fluids must be pumped first to 
make sure the liquid levels in the tubing and in the annulus are both above 
the communication. For this operation, it is advisable to install a standing 
valve at the bottom of the tubing to avoid damage to the formation, mini-
mize the volume of fluids pumped into the well, and be able to perform 
volumetric calculations. The liquid level should be measured by wireline 
or using sonic devices before starting the test to make sure it is above the 
communication. If it is indeed above the communication, the measured liq-
uid level in the annulus should be equal to the measured liquid level in the 

Dcom=VbBt+Ba
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tubing (if the annulus and tubing wellhead pressures are the same). If the 
well is not very deep, this is a fast way of knowing where the communica-
tion might be. The paint should have specific gravity equal to the specific 
gravity of the fluids being pumped. The paint should not be soluble in the 
fluids pumped into the annulus.

The communication could also be due to a circulating sleeve left open by 
mistake. It is advisable to verify all components of the completion that might 
cause communication problems. If the communication does not represent 
a risk to the integrity of the completion, and the tubing geometry would 
allow it, it might be possible to isolate the communication by a packoff 
completion without causing any kind of restriction to the liquid production, 
see Fig. 6.44. For this action, the communication depth must be accurately 
determined.

The use of fiber-optic technology to determine the depths of communica-
tions is explained in Section 11.5.7. Ultrasonic devices can also be used to 
accurately determine the depth of any communication. They are expensive 
but could be perfectly justified for wells where it would otherwise be very 
difficult to detect the depth of the communication and an economic evalua-
tion has shown that it is profitable to install a tubing straddle to isolate the 
communication. Very sensitive temperature sensors can also be used to de-
tect casing–tubing communications, as explain in the next section.

11.5.2 Downhole pressure and temperature surveys
Downhole pressure and temperature surveys are very important trouble-
shooting tools for wells on gas lift because they reveal important clues re-
garding the operation of the well.

j Downhole temperature surveys can reveal a cooler than normal local 
point along the tubing that might indicate gas injection at that depth.

j The gas injection point might or might not correspond to a mandrel 
installed in the well and therefore it is better to run continuous surveys 
(as opposed to surveys with selective stops at predetermined depths) 
using one of the following alternatives: (1) use of fiber-optic to 
measure temperature distribution along the tubing (this technique is 
explained in Section 11.5.7 and it is recommended for wells producing 
in a stable or unstable manner), or (2) continuous pressure and 
temperature surveys, combining high-precision temperature sensors 
with tubing collar locators (or TCLs as they are known), for which it is 
not necessary to stop for a given period of time at different locations to 
measure the pressure and temperature at those specific depths because 
the measurements are taken in a continuous fashion as the sensors are 
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run in the well. In cases in which the liquid flow rate is very large, 
conventional temperature surveys (with selective stops at specific 
depths) might not be able to detect local cooling effects and therefore 
the use of continuous temperature surveys are more reliable and 
recommended for these cases.

j Discrete temperature drops at one or many unloading valves are 
frequently detected. This indicates that their seats have been cut 
or eroded. This is the type of valve failure that takes place more 
frequently in gas lift operations; but usually the gas flow rate through 
a leaking gas lift valve is very small and most of the time these valves 
need not be replaced.

j Fig. 11.15 shows a typical temperature distribution in which the first 
(shallowest) valve is leaking injection gas. However, the change in the 
production pressure gradient is observed at the deepest valve’s depth, 
which is actually the operating valve. The results shown in the figure 
correspond to pressure and temperature measurements taken just above 
and below each gas lift valve, as well as at the top of the perforations 
and at depths between two consecutive gas lift valves.

j The production pressure gradient can also be used to locate a gas 
injection point if it has a significant change in value somewhere along the 
tubing. If the abrupt change in production pressure gradient takes place 
between two mandrels, there must be a tubing-annulus communication at 
that point.

■■ FIGURE 11.15 Results from a pressure and temperature survey (with several stops 
at predetermined depths). The continuous curves are just interpolation points between 
two consecutive measurements.
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j The pressure and temperature measurements at each valve can be used 
to determine the gas lift valves’ operating condition because this data 
can be entered into the valve mechanic equations to find the valves’ 
opening and closing pressures in a precise way.

j The bottomhole flowing pressure, measured the same day the well’s 
liquid production is measured, gives important data to find the IPR curve 
of the well. One of the great advantages of the gas lift method is to be 
able to measure the bottomhole pressure with the well in operation.

j The pressure along the tubing, together with liquid production, 
water cut, gas injection flow rate, formation gas/liquid ratio, and oil 
API gravity measurements, can be used to analyze multiphase flow 
correlations or models to find the one that is best suited for current 
operational conditions.

j Pressure surveys run at different stabilized injection gas flow rates (to 
change the liquid production) can be used to estimate the value of the 
formation damage, the reservoir pressure, and the productivity index of 
the well.

Even though pressure and temperature surveys are very useful, they should 
not be used any time there is a problem in the well because they are wireline  
jobs that are expensive and some operational risks are involved. They should 
be used as troubleshooting tools when the problem in the well cannot be 
understood in any other way and it is absolutely important to do so. Usually, 
operating companies have pressure surveys planned for the year, such as 
buildup tests, to measure important reservoir parameters. With good coordi-
nation, it is possible to perform these surveys in wells where useful data for 
gas lift operation can be obtained (besides getting the important reservoir 
information).

It is advisable then to have a good communication between the production 
optimization team and the reservoir department to make the best of the re-
sources available for downhole data gathering purposes. The optimization 
personnel should also set aside part of the operational budget to run surveys 
in wells in good operational conditions to identify opportunities to improve 
current well designs, study multiphase flow correlations, and obtain valu-
able operational references for future problems in the same wells. The data 
obtained from previous surveys should be filed to be used in future analyses 
and be able to predict well behavior under different operational conditions, 
such as a new mandrel spacing recommendation, a new available system 
injection pressure, etc.

A well-executed pressure and temperature survey (with stable liquid pro-
duction and trustworthy measurements of the liquid production and the total 
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gas flow rate) can be used to verify the accuracy of the multiphase flow cor-
relation used to model the well. If it is known that the multiphase flow corre-
lation being used in one particular field is very accurate, then the survey can 
be used to check other parameters, like the wellhead production pressure, 
the water cut, or the formation gas/oil ratio. The wellhead production pres-
sure measured in the survey is usually more reliable than the one measured 
by the two-pen pressure chart recorder (or the electronic sensor installed at 
the wellhead for that purpose). Increasing the wellhead production pressure 
shifts the entire calculated pressure traverse curve in the well’s model to the 
right and vice versa. Increasing the water cut (while keeping the total liquid 
flow rate constant) rotates the entire calculated pressure traverse curve in 
the model to the right (if the water cut is already too high this rotation might 
be very small or even unnoticeable). Increasing the formation gas/oil ratio, 
while holding the total gas flow rate constant, makes the calculated pressure 
traverse steeper below the gas injection depth, but with no change above the 
injection depth. All these changes can be evaluated by plotting the calcu-
lated pressure traverse curve together with the pressures measured during 
the survey in a pressure–depth diagram.

Recently developed pressure and temperature sensors have two main char-
acteristics that are changing the way flowing pressure and temperature sur-
veys are done: high precision and short response time. These sensors are 
making it obsolete to have stops along the tubing while the survey is run to 
take pressure and temperature measurements at predetermined depths (un-
less the production pressure is oscillating, in which case it is always recom-
mended to have stops of duration no less than 120% of the time of one pres-
sure oscillation cycle). If the production pressure is stable, the surveys can 
now be done in a continuous fashion saving time in the well, increasing the 
accuracy of the measurements and the possibility of spotting a casing–tub-
ing communication or any other problem. These surveys can spot a problem 
to within one foot of tubing length. The sensors used for this type of surveys 
are: High precision pressure and temperature sensors, TCLs to determine 
the depth where the measurements are taken, and (optionally) a turbine flow 
meter to have a relative measurement of the local liquid flow rate. The com-
bined length of all wireline tools run in the well is about the same as the 
one for conventional pressure and temperature surveys. Because the survey 
is run continuously and the temperature sensors can detect changes in tem-
perature as small as 0.001°F with a very short response time, very small 
leaks can be detected anywhere along the tubing. This is done thanks to 
a new type of resistance temperature detector (RTD) sensor called plati-
num resistance thermometer (PRT). RTDs are temperature sensors based 
on electrical resistance changes of the material in response to temperature 
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changes. When the material is platinum, the RTD is called PRT or “platinum 
resistance thermometer.” The work published by Friedli and Rivas (2010) 
constitutes an excellent reference of real applications that can be performed 
with these new sensors. In Fig. 11.16 the results from a continuous pressure 
and temperature survey are presented.

As can be seen in Fig. 11.16, the wireline velocity is more or less constant, 
and it is easy to identify the depths of the gas lift mandrels. It can be noticed 
that the main injection point is at mandrel #7, but there is a small gas leak at 
mandrel #3. The data that is shown in the figure has been compressed but, 
with a change of scale, small variations of the measurements are easier to 
observe and it is possible to detect smaller gas leaks to within one foot of 
tubing length, which is important when tubing leaks take place very near a 
gas lift mandrel. These leaks might be misinterpreted as a failure of a gas 
lift valve when measurements are taken by conventional pressure and tem-
perature surveys. This misinterpretation could lead to several unnecessary 
gas lift valve change-outs to finally reach the wrong conclusion that there 
is something wrong with the gas lift mandrel and the completion is pulled 
out of the well for this reason. There have been many reports of holes in the 
production tubing just below the operating mandrel, where the liquid level 
in the annulus is usually located. This could be due to the action of CO2, or 

■■ FIGURE 11.16 Results from a continuous flowing pressure and temperature survey.
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any other kind of corrosive agent, that acts in combination with the water at 
the liquid level in the annulus.

Until recently, stops at certain depths along the tubing were needed for two 
reasons: to allow the sensors to stabilize to the new temperature and to have 
a way to correlate the depth of the survey with the depth measured by wire-
line. Not that long ago, electronic sensors used in pressure and temperature 
surveys required several minutes to adapt to the new temperature. With fast 
response sensors, surveys can be carried out very fast, significantly shorten-
ing the time required to run the survey, as long as the depth of each mea-
surement is known (which is something that can be achieved with the use 
of Tubing Collar Locators). Sensors can be run as fast as 80–100 ft./min 
and because the scan rate can be of around 10 measurements per second, 
a pressure and temperature measurement can be obtained every 1.6–2 in. 
along the tubing. Some operators run the sensors at a velocity as high as 
150 ft./min. If there is an abnormal measurement somewhere in the tubing, 
the depth scale in Fig. 11.16 can be expanded to see more clearly where the 
problem might be. With the Tubing Collar Locator, it is easy to know how 
far apart the problem is located from a given reference point in the well, 
such as a gas lift mandrel or a safety valve. If the well is unstable, these high 
precision temperature sensors can still be used but in a different way: the 
well is shut in and the sensors are run in the well at a moderate rate to give 
time for the fluids to stabilize in the tubing. Then, the sensors are pulled at 
100 ft./min and they are so sensitive that they might be able to detect where 
gas was being injected because the tubing at that depth might still be slightly 
cooler than the nearby temperature.

TCLs are by themselves very useful for many reasons: there are reported cas-
es where, thanks to this type of tool, errors in the number of joints, as report-
ed in the well files, have been identified. TCL can also be used to establish 
the state of the tubing because the “noise level” of the signal is proportional 
to the amount of metallic material. Thus, it would be detected if some metal 
materials have been lost due to corrosion. If the noise change is detected on 
the way down and on the way up, it is probably because the tubing might 
had lost some mass due to corrosion. Additionally, if the TCL is run below 
the lower end of the production tubing, it is possible to detect the perforated 
intervals and compare them with the ones in the file of the well and with the 
well total depth to determine if some perforations have been covered with 
sand. TCLs can be used to locate other components of the completion, such 
as landing nipples, circulating sleeves, or safety valves, among others.

Flowing and static temperature surveys can reveal which zones are produc-
tive and they can even help identify if there is crossed flow or liquid flow 
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from underneath the bottom of the well or from a flow channel behind the 
casing. Fig. 11.17 shows the results of the temperature measurements taken 
with the well in normal operation (flowing survey) and while the well was 
closed (static survey).

It can be seen in Fig. 11.17 that below perforation interval “C” both temper-
atures (static and flowing temperatures) are identical, indicating that there 
is no liquid flow at these depths. The point where the flowing temperature 
changes slope is just where the liquid production begins, which corresponds 
to perforated interval “C.” But the static temperature survey shows a change 
in slope between intervals “B” and “A” indicating crossed flow from “B” to 
“A.” The temperature surveys in Fig. 11.18 are similar to the ones shown in 
Fig. 11.17, but in this case the flowing temperature is higher than the static 
temperature below interval “C” indicating liquid flow coming from the bot-
tom of the well.

Continuous surveys are also used to detect small holes or communications 
in the tubing or in the casing even below the point of gas injection using a 
different procedure:

With the well shut in, a temperature survey is run at a wireline velocity 
of 150 ft./min to generate a base temperature profile. Then, liquid is 
injected at a fixed rate either down the casing with tubing return or 
down the tubing with annulus return. The circulation liquid rate is 

■■ FIGURE 11.17 Temperature survey along the perforated interval, indicating crossed 
flow between formation “B” and “A.”
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determined by the size of the communication and the injection pressure 
at the surface. If it is desired to explore the possibility of having 
more than one communication, the liquid injection pressure must be 
high to maintain a high pressure drop through the communications. 
While the liquid is being injected, several runs are made at 20 or 
30 ft./min to detect any anomaly that might indicate the existence of a 
communication (friction generated by the liquid passing through the 
communication causes an increase in the local temperature). Before 
running the survey, gas lift valves should be replaced with dummy 
valves and a standing valve should be installed at the bottom of the 
production tubing to protect the formation. Because of the cost of this 
operation, this technique is recommended for deep wells or any well 
where it will be very expensive to replace the production tubing and 
where isolating the communication with tubing straddles is advisable. 
If the communication is very small and cannot be detected using this 
technique, ultrasonic surveys should be tried.

Even though continuous pressure and temperature surveys increase the 
quality and number of measurements in comparison to conventional surveys 
(with discrete stops along the tubing), they are not appropriate for wells in 
which the pressure and temperature are changing in time. Continuous sur-
veys represent a snapshot of tubing conditions as the sensors pass through 
each point along the well depth. Running in the sensors at 100 ft./min in a 
10,000-ft. well, it takes 1.66 hours to go from top to bottom, which could 

■■ FIGURE 11.18 Liquid flow coming from zones below the perforation interval.
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be a very long time for a well with production pressure and temperature 
fluctuations. When temperatures are changing in time, it is better to measure 
the temperature along the tubing using fiber-optics with a technique that is 
explained in detail in Section 11.5.7 or measure the pressure and tempera-
ture at certain predetermined depths for time intervals of at least 20% longer 
durations than one pressure fluctuation cycle. A final recommendation (for 
wells with high liquid velocities in the production tubing) is to always use 
the right number of weight bars to allow running in the pressure and tem-
perature sensors without the need to choke down the well. Choking down 
the well will completely change the operation of the well. Wireline com-
panies can determine the number of weight bars to be used and, if the well 
presents strong tubing headings, antiblock tools (located above the weight 
bars) should be used as part of the wireline tool set to prevent the tools from 
being blown up the tubing.

11.5.3 Use of sonic devices
Sonic devices that were developed to measure distances (along the annulus) 
from the surface to downhole restrictions (or to changes in shape of the tub-
ing) have been in used for several decades. As sonic waves travel back to the 
surface (bounced back from each restriction or change in shape along the 
annulus), they are detected and registered in a survey of electrical signals 
that are proportional to the strength of each sonic wave. These surveys are 
inexpensive and can be done very fast. Many surveys can be run in several 
wells in one single day without any kind of risk to the formation or the 
completion. The initial sonic wave is generated by explosion or implosion. 
The gun used to generate this wave and the microphone used to detect its 
echo waves are installed in a valve at the surface with direct communica-
tion to the casing–tubing annulus. Tubing joints, gas lift mandrels, and the 
liquid level in the annulus, generate echo waves of different strengths that 
are detected by a microphone at the surface for later identification. The echo 
wave strength diminishes with depth. Gas lift mandrels generate echo waves 
stronger than the ones generated by tubing joints. The liquid level is most 
of the time easily identified because its echo wave is the strongest one. In 
the past, these surveys were registered on long strips of paper that would 
move at a certain velocity as the sound signals were register by a pen that 
moved in a direction perpendicular to the paper movement and according to 
the strength of the waves. Today, echo’s depths are electronically captured 
and stored to be viewed or analyzed using a personal computer. Fig. 11.19 
shows a typical sonic survey where tubing joints, gas lift mandrels, and 
the liquid level can be identified. Knowing the length of each tubing string 
and counting the number of joints, it is easy to determine the depth of each 
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mandrel and the liquid level. Today, these depths are digitally determined 
by measuring the time it takes for a sonic wave to travel to a particular point 
in the well and back.

This type of technique is especially recommended when there is a casing–
tubing communication with production liquids entering the annulus and it 
is desired to determine the depth of the communication. The operational 
behavior of a well that produces with large tubing and casing headings, 
possibly due to a casing–tubing communication, is analyzed in chapter: 
Intermittent Gas Lift Troubleshooting, together with a description of the 
required operational steps that should be taken to find the depth of a com-
munication using sonic surveys.

Sometimes it is not possible to perform sonic surveys in wells on gas lift 
because gas injection causes a very high noise level. It is also possible that 
these devices cannot be used because the gas injection pressure is greater 
than the pressure of the small N2 or CO2 containers used to generate the 
sound wave.

The survey in Fig. 11.19 can be used to determine the depths along the an-
nulus because the relative position of each component can be identified. But, 
as indicated above, new sonic devices can determine the depth of any point 
in the well by simply knowing the velocity of sound at current gas condition 
without the need of physical reference points. Using these new devices, it is 
possible to identify restrictions along the gas injection line or inside the pro-
duction tubing where it is not possible to have reference points in the same 
way tubing joints can be used as such in the annulus. For example, the depth 

■■ FIGURE 11.19 Typical results from a sonic survey.



69111.5  Field techniques for troubleshooting a gas lift well

of the liquid level in the tubing is equal to the mean velocity of sound mul-
tiplied by half the time it takes a sound wave to travel from the surface to 
the liquid level and back to the surface, where a microphone detects, filters, 
and amplifies it. These new sonic devices measure the elapsed time and 
calculate the sound velocity from: mean gas temperature and pressure, and 
gas specific gravity. The users of these new devices should enter this data. 
Sound velocity graphs as functions of gas pressure and temperature for a 
given gas specific gravity have been developed. The surface gas pressure 
and temperature is used to determine the mean pressure and temperature, 
which are approximately equal to the conditions halfway from the surface 
to the liquid level depth, but because the liquid level depth is not known a 
priori, an iteration procedure must be used to determine it.

It is important to point out that it is sometimes impossible to know the spe-
cific gravity of the gas because it might be a mixture of injection and forma-
tion gas. This usually happens when the well has been closed for a long time 
or air has been allowed to mix with the injection gas. In these cases, liquid 
level calculations might be off by more than 30%.

If a well has been shut in long enough and there is a good estimation of the 
gas specific gravity inside the tubing, it is then possible to determine the 
static reservoir pressure using sonic devices, as long as the specific gravity 
of the liquid inside the lower part of the tubing is also precisely known. The 
static bottomhole pressure of the well (Pres in psig) can then be found with 
Eq. 11.20 using the following data: surface tubing temperature and pressure, 
liquid and gas specific gravities, water cut, and liquid level in the tubing:

ρ= +P f P L fres g wh (11.20)

Where fg is the gas factor used to find the pressure of the gas just on top of 
the liquid column from the tubing surface pressure Pwh in psig, L is the true 
vertical length of the liquid column in feet from the top of the perforations 
to the liquid level in the production tubing, and ρf is the pressure gradient of 
the liquids in the production tubing in psi/ft. that can be calculated from the 
oil API gravity and the water cut of the liquids inside the tubing.

The problem with Eq. 11.20 is that it must be certain that the liquid column 
does not contain free gas that would make the value of ρf much smaller than 
calculated from the water cut and the API gravity of the oil alone. If the gas 
injection to the well has been shut off several days in advance (but leaving 
the production tubing open to production), it is possible that all the free gas 
has been vented to the separator. However, this is sometimes not possible. A 
well can have a gas producer zone with a pressure slightly higher than the 
liquid producer zone, thus the liquid column L is not going to be able to stop 

Pres=fgPwh+Lρf
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the formation gas from being produced. This is why it is better to also close 
the production tubing in such a way that it will still be possible to measure 
the wellhead production pressure. In this way, the formation gas will ac-
cumulate on top of the liquid until the bottomhole pressure increases to 
the static pressure of the gas producer zone. The liquid column in this case 
is going to be smaller but the production wellhead pressure is going to be 
larger, so that the bottomhole pressure will still be the reservoir static pres-
sure, which is the parameter that needs to be measured.

As for the use of sounding devices to determine the current point of injection 
in a well on continuous gas lift, the liquid level measured in the casing–tub-
ing annulus of a well with a casing–tubing packer installed does not reveal 
the current point of injection. It only indicates the point to which the well 
was initially unloaded, which does not necessarily correspond to the current 
point of injection. On the other hand, the annular liquid level does indicate 
that the current injection point cannot be located below the measured liquid 
level. Fig. 11.20 shows the pressure–depth diagram at current conditions of 
a well producing on continuous gas lift: the production pressure is greater 
than the injection pressure at the third valve. The gas is injected then through 
the second or the first (shallowest) gas lift valve. However, the liquid level is 
maintained just below the third (deepest) valve, which was uncovered dur-
ing the unloading process when the production pressure was lower than the 

■■ FIGURE 11.20 Liquid level in the annulus just below the third valve.
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injection pressure. The check valve of the third gas lift valve does not allow 
the liquid to pass from the tubing towards the annulus.

When the production packer has failed and gas is injected through it, the 
detection of the packer’s depth using sonic devices confirms this failure and, 
in this way, the well can be worked over for that particular reason.

Fig. 11.21a shows the pressure–depth diagram of a well without a packer 
and very “low” formation gas/liquid ratio. In this case, the annular liquid 
level will adjust to the so called equilibrium point. The annular pressure 
is equal to the tubing pressure at the bottom entrance of the tubing. The 
surface gas injection pressure plus the hydrostatic pressure of the gas and 
liquids in the annulus must be equal to the pressure at the entrance of the 
tubing. The liquid gradient in the annulus is approximately constant and 
seems “lighter” than the gradient in the tubing, but in reality the frictional 
pressure drop inside the tubing makes the production tubing gradient looks 
“heavier” than the liquid gradient in the annulus. The liquid level in the an-
nulus would correspond to the intersection of the annular gas pressure line 
and the tubing production pressure curve only if the liquid pressure gradient 
in the annulus and in the tubing were equal. But the liquid pressure gradient 
in the tubing is usually different from the liquid gradient in the annulus and 
the liquid level is found by tracing a line with the liquid pressure gradient in 
the annulus from the pressure at the bottom of the tubing (tubing entrance) 
until it intersects the gas injection pressure line and that is where the annular 
liquid level is located. Because the pressure in the annulus at the third valve 
is slightly higher, there must be a small liquid flow through this valve if it is 
opened. This could lead to erosion of the seat of this valve because it is not 
design to handle liquid flow.

■■ FIGURE 11.21 Liquid level in a well 
without packers.
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Fig. 11.21b shows a pressure–depth diagram of a well without a packer with 
“moderate to high” formation gas/liquid ratios. Because the end of the tub-
ing is above the top of the perforations, a larger portion of the total formation 
gas rate is suctioned into the production tubing. Formation gas entering the 
tubing can make the pressure gradient in the tubing “lighter” than the liq-
uid pressure gradient in the annulus. In this case, the tubing pressure at the 
depth of the third valve in Fig. 11.21b is greater than the annular pressure at 
that depth (the gas lift valve’s internal check valve prevents the liquids from 
flowing from the tubing to the annulus through the third gas lift valve).

If the surface gas injection pressure in the annulus is known, the flowing 
bottomhole pressure (at the perforations) can be calculated by measuring 
the liquid level in the annulus only if the well does not have a casing–tubing 
packer. The flowing bottomhole pressure can then be used to build the IPR 
curve of the well or to determine the accuracy of multiphase flow correla-
tions if the liquid production and the liquid level are measured at the same 
time. The pressure at the depth of the tubing entrance can be calculated with 
the following equation:

ρ= +P P f L fentrance inj g annulus (11.21)

Where Pentrance is the pressure at the entrance (or bottom) of the production 
tubing in psig, fg is the gas pressure factor that is used to calculate the pres-
sure of the injection gas just above the liquid level in the annulus, Pinj is the 
injection pressure measured at the wellhead in psig, L is the true vertical 
length in feet of the liquid column in the annulus above the depth of the tub-
ing entrance, and ρf annulus is the pressure gradient of the liquid in the annulus 
in psi/ft. Eq. 11.21 is not frequently used because it is difficult to know the 
exact value of the liquid pressure gradient in the annulus, but it does give a 
rough idea of what the bottomhole flowing pressure might be.

In a well “without” a packer and with liquid production through the produc-
tion tubing, it is highly possible that the valve just above the liquid level in 
the annulus corresponds to the operating valve because the injection pres-
sure (in the annulus) is very similar to the production pressure (in the tub-
ing) at the depth of the annular liquid level and therefore the injection pres-
sure at the valve immediately above the liquid level should be higher than 
the production pressure (in the tubing) at the same depth so that gas can 
be injected through this valve, unless: (1) a mechanical failure of the valve 
does not allow gas injection, (2) for IPO valves, the injection pressure is less 
than the valve’s opening pressure because there is a communication or a flat 
valve higher up in the well, or (3) for PPO valves, the production pressure 
is less than the opening production pressure of the valve and there is a com-
munication or flat valve higher up in the well.

Pentrance=Pinjfg+Lρf annulus
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Gas lift in open completions is not recommended because the liquid level 
depth can change if the injection pressure fluctuates. The free movement of 
the liquid level can worsen instability problems. Fig. 11.22 shows how the 
annular liquid level gets deeper in the well (with very little formation gas) 
as the injection pressure increases (Pinj1 increases to Pinj2).

It is better to install dummy valves below the liquid level in the annulus in 
closed or semi-closed completions (with production packer installed in the 
well) in cases in which it is not possible to inject gas through the deepest 
mandrel. In this case, dummy valves are installed to avoid: (1) damaging 
the valves below the liquid level due to erosion of the seats, or (2) possible 
instability problems if a check valve of any of the gas lift valves below the 
liquid level fails because this will represent a tubing-annulus communica-
tion that will not allow the liquid level to remain constant.

11.5.4 Use of CO2 injection to determine the  
point of injection
Determining the depth of the current point of gas injection by detecting the 
time of arrival of a CO2 pulse (previously injected down the annulus togeth-
er with the lift gas) is a technique that was developed several decades ago 

■■ FIGURE 11.22 Effect of the injection pressure on the annular liquid level in a well 
without production packer (and very low formation gas flow rate).
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and that is worthwhile knowing. One of the first works published on this 
method was reported by Wellington et al., 1993. The method is very simple:

j A small, high-pressure bottle containing liquid CO2 only, or a mixture 
of nitrogen and CO2, is connected to the gas injection line. When 
nitrogen is used, the bottle has a dip tube that goes all the way to the 
bottom of the bottle. Gaseous nitrogen is located at the top of the bottle 
and is used to push the liquid CO2 to the bottom so that it is injected 
into the gas injection line through the dip tube inside the bottle. 
Nitrogen is then used only to keep the bottle pressurized.

j The bottle pressure should be high enough so that the right amount 
of CO2 can be injected at a high and constant flow rate. In this way, 
CO2 can be easily detected as a clear, high-concentration pulse when it 
comes out of the well through the production tubing.

j It is necessary to keep the bottle pressure high to keep CO2 as a liquid. 
The amount of CO2 injected can be determined by weighting the bottle 
before and after the injection.

j A small blow-down separator is installed at the wellhead, from which 
a small, representative amount of gas produced from the well is 
continuously taken and directed to the CO2 concentration analyzer.

j CO2 is injected into the gas injection line. The elapsed time from CO2 
injection must be measured from the moment the CO2 injection is 
initiated.

j CO2 concentration of the gas produced by the well is measured for 
a period of time at least 50% longer than the calculated time for the 
CO2 to travel to the deepest possible point of injection and back to the 
surface, assuming that there is only one single point of injection in the 
well. This measuring period of time is longer than the calculated period 
of time for a single pulse of CO2 to return to the surface because if 
there are two or more points of injection, the time for the last pulse to 
arrive at the concentration analyzer (from the deepest point) is going to 
take longer, as it will be shown later in this section.

j The following measurements should be taken simultaneously during 
the test: gas injection temperature and its flow rate, total gas flow rate 
at the production separator, liquid production, and wellhead injection 
and production pressures.

j PVT data must also be known to be able to perform multiphase flow 
calculations to determine the gas flow velocity inside the tubing (if 
necessary).

The quipment and connections required to perform the test are shown in 
Fig. 11.23. The infrared analyzer should be explosion proof; otherwise, it 
should be installed away from the wellhead according to the operating com-
pany’s safety rules. The analyzer also requires an electric power source, 
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which can be a battery or the well’s own power source. Electrical connec-
tions near the well, or in a platform, should be made following safety regula-
tions. The gas-liquid separator dimensions need not be too large: 2 or 3 ft. 
long, 2-in ID, with ½-in. inlet and outlet ports should do a good job in most 
wells. A transparent material should be used in parts of the separator to 
know the liquid level at all times. A manual flow control valve can be used 
to regulate the gas flow out of the separator.

Some of the advantages found when using this method are:

j It is not necessary to run in the well any tool or equipment that could 
involve any kind of risk and/or expenses.

j Neither the liquid production of the well nor the gas lift injection needs 
to be interrupted.

j The number of surface equipment and their connections are few and 
easy to install and operate; therefore, the time required to perform one 
test is very short as compared to a downhole pressure and temperature 
survey. Several tests can be performed in many wells in one single day.

j The method could be used to detect communication depths in highly 
deviated wells where it is difficult to use conventional wireline tools.

j It can also detect small leaks anywhere in the production tubing, 
which is also difficult to do with conventional downhole pressure and 
temperature surveys. It can also be used to detect and calculate casing 
leaks to shallow formations.

j It is easy to recognize if the well has multiple injection points even 
if the well is producing with minor instabilities. Instabilities are very 
important and should be eliminated only if it is necessary to accurately 
determine the depths of the points of injection.

■■ FIGURE 11.23 Connections and required equipment for CO2 injection and detection.
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On the other hand, the main disadvantages of this method are:

j Pressure and temperature surveys must be run anyway if it is required 
to know the bottomhole pressure and temperature.

j The gas injection and overall operation of the well need to be very 
stable for this method to give an accurate depth of the communication. 
Liquid production, injection gas flow rate, and total gas flow rate 
out of the well need to be accurately measured. Tests done with this 
procedure are not very reliable if the injection gas flow rate is unstable. 
The gas flow rate should be as stable as possible to calculate its 
velocity in the annulus as accurately as possible, as it will be shown 
later in this section. If the injection gas flow is unstable, it does not 
matter how accurately the gas flow rate is measured, it would still not 
be possible to determine the injection gas velocity along the annulus. 
This is because of the compressible nature of the injection gas (if the 
gas flow rate at the surface changes, its velocity in the annulus will 
also change but in a way that depends on the total annular volume 
and on how the gas flow rate out of the annulus, through the point or 
points of injection, changes). The gas velocity in the annulus changes 
proportionally to the variations in the gas flow rate but in a very 
complex way that can only be determined by means of the continuity 
equation for unstable, compressible flows.

j To know the gas velocity in the annulus and use this method to 
accurately calculate annulus-tubing communication depths (as shown 
below), the injection gas temperature along the annulus should be 
known. Acoustic devices could be used to help determine the gas 
injection temperature distribution if the gas specific gravity is very 
well known. Sometimes, it is not easy to determine the temperature in 
the annulus because of the complex heat transfer processes that could 
take place. For example, the injection gas cools as it passes through 
the surface flow control valve and this could have an important effect 
if the control valve is very close to the wellhead. In wells with large 
water cuts or large liquid flow rates, the production temperature might 
be very high and this could have a profound impact on the injection 
gas velocity if the volume of the well’s annulus is not very large. It is 
convenient then to do preliminary tests on these types of wells in cases 
where the point of injection has been established by computational 
troubleshooting techniques or, better yet, by downhole pressure and 
temperature surveys, to be able to determine the temperature profile 
along the annulus that fits the CO2 travel time. If there is a group of 
wells, with no operational problems, in schedule for pressure and 
temperature surveys to be performed, it is a good idea to carry out CO2 
injection tests the same day the surveys are run to fine tune calculations 
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and to have an excellent reference point for future troubleshooting 
activities.

j It is necessary to use multiphase flow correlations or models to 
calculate the gas velocity as it is produced up the tubing if the well 
is very deep. Usually, the gas takes a long time to travel (from the 
surface to the point of injection) in the annulus because the gas flow 
area is very large for most gas flow rates found in many gas lift fields. 
The upward fluid velocity in the production tubing is much larger 
(compared to the downward gas velocity in the annulus) and the error 
made in its calculation is usually not very important unless the well 
is very deep (or the area of the tubing is large in comparison to the 
annular area) because then this error might have serious consequences 
in estimating the depths of the points of injection.

CO2 is used because it is a readily available gas that does not involve opera-
tional risks and it is easily detected by infrared light analyzers.

j CO2 absorbs infrared light of a specific wave length. Natural gases are 
transparent to this infrared light; in other words, they do not absorb 
infrared light of this particular wave length.

j The magnitude of light absorption is proportional to the number of CO2 
molecules present in a given volume.

If a given volume is occupied by pure CO2, as its pressure is increased by 
increasing the number of moles inside that volume (keeping the temperature 
constant and within the limits of an ideal gas), the infrared light absorption 
increases in direct proportion to the pressure because light absorption is 
directly proportional to the number of CO2 molecules present. It can be said 
then that the light absorption is proportional to the CO2 pressure in a given 
volume. Then, in a mixture of natural gas (which is transparent to infrared 
light) and CO2, at a given pressure and temperature, the light absorption is 
directly proportional to the number of moles of CO2 only and therefore to 
its partial pressure. CO2 concentration in this case can be given as its par-
tial pressure divided by the total pressure, which is equal to the CO2 molar 
fraction and therefore equal to the volume fraction occupied by CO2 in the 
ideal gas mixture. If the concentration is very small, it is usually expressed 
in parts per million (ppm). For higher concentrations, their values are ex-
pressed in percentages. A 10,000 ppm concentration is equivalent to 1%, 
or only one molecule is a CO2 molecule in 100 molecules of the mixture.

The output of a CO2 concentration analyzer is shown Fig. 11.24:

One possible disadvantage of using CO2 is that it is much heavier than the 
gas usually used as lift gas. For this reason CO2 will travel faster, resulting 
in casing–tubing communications calculated at depths shallower than they 
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actually are. The fact that CO2 is injected very cold could have the same 
effect during the initial stages of the test because a cooler gas has a higher 
density than a warm gas and therefore will travel faster down the annulus.

Fig. 11.25a shows how a well-defined CO2 concentration pulse changes in 
relative position (getting deeper in relation to its surrounding lift gas) and 
shape (shorter and wider) as the gas descends in the annulus towards the 
point of injection. Even though no correction procedure has been reported 

■■ FIGURE 11.24 Output of a CO2 concentration analyzer showing the CO2 concentration 
of the total produced gas from the well as a function of time from the moment it was 
injected into the annulus.

■■ FIGURE 11.25 Changes in shape and relative position of a CO2 pulse as it travels down 
the annulus.
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in the literature for weight effects, there have been reports of concentration 
pulse shapes as shown in Fig. 11.25b, where the measured concentration 
increases very fast first and then it decreases at a slower pace. The shape 
of the concentration pulse gives an idea of the distortion of the initial pulse 
caused mainly by the difference in the specific gravities of CO2 and CH4. 
The deeper the point of injection is, the greater the magnitude of this dis-
tortion is going to be (and therefore of the error in estimating the depth 
of the injection point). However, the shape of the pulse (as it arrives back 
at the surface) could also be due to an improper CO2 injection procedure, 
maybe because it took a long time to inject the required gas volume or be-
cause the injection began at a very high flow rate but, as the pressure of the 
bottle containing CO2 decreased, the injection gas flow rate also decreased. 
The ideal situation is then to have a bottle pressure high enough to quickly 
inject all the required CO2 volume into the gas injection line at a constant 
and high flow rate of injection.

Besides injecting CO2 as fast as possible into the injection gas line, the right 
total volume of CO2 per pulse must also be used. If a very small volume 
of CO2 is injected, it might not be easy to detect it at the surface, but if too 
much CO2 is used, it might be possible to have a concentration greater than 
the maximum value that the analyzer can measure, which is not important 
if there is only one point of injection; however, if there are several points 
of injection, it would not be feasible to perform the calculation of the gas 
velocity down the annulus below the first point of injection, as shown later 
in this section (Fig. 11.26).

■■ FIGURE 11.26 CO2 analyzer output from tests with inadequate volumes of CO2 injection.
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The right volume of CO2 to be injected depends on the geometry of the well 
and on its operational conditions. In a study, reported by Shnaib et al. (2010) 
in wells with 9 ⅝-in. casings and production tubing strings from 3½ to 4½ in. 
in diameter, with injection point depths between 7,500 and 10,000 ft., it was 
found that it was necessary to inject 20 lbm of CO2 to obtain reliable results. 
They also recommended the CO2 injection bottle to be 500 psi greater than 
the gas lift line pressure “throughout” the CO2 injection operation.

If the injection gas velocities down the annulus and up the tubing are known, 
the distance traveled by the CO2 pulse can be calculated by measuring the 
elapsed time between the moment the CO2 pulse was injected and the mo-
ment it arrived at the surface. The gas velocity at a given point in the annulus 
is equal to the in situ-gas flow rate, Qis, divided by the annular flow area, Aa. 
The in situ gas flow rate in Mft.3/D is given by:
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Where Qgi is the lift gas flow rate injected at the surface in Mscf/D, P and 
T are, respectively, the absolute pressure and temperature of the gas at that 
particular depth in the annulus, and Z is the in situ gas compressibility factor 
at P and T. The in situ velocity of the gas in the annulus (Vis in ft./min) is 
then equal to (Qis)/(Aa1.44), where Aa must be expressed in ft2. The differ-
ential time dt for the gas to travel a differential depth dD is equal to dD/Vis. 
The total time (Ttotal-annular) for the CO2 pulse to travel from the surface to a 
point of injection at a given depth DM is then equal to:
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This equation can be solved numerically if the gas pressure and temperature 
distribution along the annulus are known or can be calculated; it can also be 
solved in an approximate way using an estimated mean pressure and tem-
perature. The total time interval (Ttotal-return) for the CO2 pulse to return to the 
surface from the time it was injected is equal to:

= +T T D V/total-return total-annular M mean-tub (11.24)

Vmean-tub is the mean velocity of the gas in the tubing. The mean velocity in-
side the tubing is usually from 30 to 60 times faster than the gas velocity in 
the annulus, thus its contribution to the total travel time is very small unless: 
the annulus space is very small or the tubing flow area is very large (these 
are factors that tend to reduce the difference between the velocity in the an-
nulus and in the tubing). The in situ gas velocity in the production tubing 

Qis=Qgi14.7PZT520

Ttotal-annular=∫0DMdDVis=∫0DMdDQgi14.7-
PZT52011.44Aa

Ttotal-return=Ttotal-annular+DM/Vmean-tub
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can be calculated using multiphase flow correlations or models, which are 
available in commercial software for oil production engineering. For this 
purpose, the software should be configured so that the output report shows 
the in situ gas velocity at different points along the tubing. The calculated 
gas velocity in the annulus and in the tubing can be used in conjunction with 
the measured time of arrival of the high concentration CO2 pulse to calculate 
the point of injection depth if there is only one point of gas injection into the 
production tubing. If there are two or more points of injection, the calcula-
tion procedure to determine the depths of these points of injection is more 
complex, as it is explained next. Fig. 11.27 shows the results from a well 
with two distinguishable points of gas injection from the casing annulus into 
the production tubing.

When there are two or more points of injection, it is necessary to know 
in which proportion the gas enters the tubing at each point to be able to 
calculate the annular velocity of the gas below each point of injection. The 
percentage of the total gas flow rate that is injected at each point of injection 
is found by numerical integration in time of the CO2 concentration values 
as shown below. For example, if there are only two points of injection, the 
percentage of the total gas flow rate that enters each point, named point “1” 
and “2,” are found by:
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%Q1=∫t1at1bC1tdt∫t1at1bC1tdt+∫t

2at2bC2tdt

■■ FIGURE 11.27 CO2 concentration of the total gas produced from a well with two 
points of gas injection from the casing–tubing annulus into the production tubing.
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Where Cn(t) corresponds to the CO2 concentration curve measured from 
time tna at the arrival of pulse n (when the concentration level rises above the 
normal concentration) to time tnb, which is the time when the concentration 
drops to normal CO2 concentration levels. Regarding velocity calculations, 
the velocity before the first point is reached is calculated as it was shown 
above. Below the first point of injection, the injection gas flow rate Qgi is re-
duced to (1 – %Q1)Qgi, which is the new gas flow rate to calculate the gas ve-
locity in the annulus using Eq. 11.22. The annular gas flow rate below point 
of injection “1” is less than the total injection gas flow rate and therefore it 
is going to take a longer period of time for the second point to arrive. If this 
correction is not made, the calculated depth would be much deeper than it 
actually is. Fig. 11.28 shows a very well-defined deeper point of injection 
and a smaller, shallower point of injection or gas leak.

There might be a leak to a shallow formation through a casing hole. When 
this happens, the time of arrival of the concentration pulse could be much 
longer than expected because the annular gas velocity is reduced as part of 
the gas flow rate is lost through the hole in the casing. This type of com-
munication is detected by the long period of time for the “single” pulse to 
arrive back at the surface and by the calculated CO2 volume that finally 

%Q2=∫t2at2bC2tdt∫t1at1bC1tdt+∫t

2at2bC2tdt

■■ FIGURE 11.28 CO2 concentration of the total gas produced from a well with a well-
defined point of injection and a small shallow gas leak.
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reaches the surface. Because the CO2 concentration gives the volume frac-
tion (of the total gas that reaches the surface) that is occupied by CO2 at a 
given time, the volume of CO2 produced at the surface can be calculated by 
the following equation:

∫ ( )=V Q C t dtol t

t

CO prod tot 1
a

b

2
1

1

 
(11.27)

Where Qtot is the total gas flow rate measured at the separator and its value 
must be constant during the test. This is a weak point of this calculation pro-
cedure because it is usually difficult to measure the gas flow rate at the test 
separator due to its normal fluctuations. If Qtot is expressed in Mscf/D and 
the time t in days, then VolCO prod2  is expressed in Mscf. For this calculation 
to be valid, the gas sample taken at the wellhead must be a representative 
sample of the total gas produced by the well; in other words, it must have 
the same concentration value. Because the total amount of CO2 injected 
at the surface, Vol CO inj2 , is known, the fraction of this gas that goes to the 
shallow formation, %Qform, can be calculated as:

= −Q V V% 1 /ol olform CO prod CO inj2 2 (11.28)

From this percentage, the gas velocity above and below the casing hole can 
be calculated (as indicated above for two points of injection) and only the 
casing-hole depth remains to be found. In the following explanation, the 
mean gas velocities above and below the casing hole are V1 and V2, respec-
tively. The volume of CO2 that remains dissolved in the produced liquids 
(oil and water) is very small and can be neglected; however, if the water 
could be separated from the oil, it has been suggested that the pulse’s arrival 
might also be detected by measuring the value of the pH of the produced 
water, which will have a higher pH when CO2 is dissolved at higher concen-
tration levels (this is not a very practical procedure because the water would 
need to be continuously separated and analyzed at the wellhead). When the 
infrared analyzer is used as explained in this section, the CO2 concentration 
is measured at pressures for which almost all CO2 evolves from the liquids. 
If it is assumed that the time interval needed for the gas to travel inside the 
production tubing (from the injection point depth to the surface) is very 
short, the total measured time ∆tmeasured for the pulse to arrive back to the sur-
face (from the moment it was injected at the surface) is equal to the distance 
traveled by the gas from the surface to the casing hole divided by its annular 
velocity V1, plus the time traveled by the remaining pulse from the casing 
hole to the tubing injection point divided by its velocity V2. Then, the depth 
H of the casing hole can be found from the following equation:

∆ = + −t H V D H V/ ( ) /measured 1 M 2 (11.29)

Vol=Qtot∫t1at1bC1tdt

Vol

Vol CO2 inj

%Qform=1−VolCO2 prod/Vol CO2 inj

∆tmeasured=H/V1+(DM−H)/V2
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Where DM is the depth of the gas lift mandrel through which the remaining 
gas flow rate is injected into the tubing. This remaining gas flow rate needs 
to be know a priori (using %Qform estimated above). In Eq. 11.29, depth H 
is the only term that needs to be calculated. If the casing hole is below the 
injection mandrel, the CO2 pulse is going to be detected at the calculated 
time of arrival for a “single” injection point and it is not possible to use Eq. 
11.29 to find the depth H of the casing hole.

11.5.5 Downhole pressure and temperature 
measurements using permanent downhole sensors
Automation systems are becoming very popular in production operations 
worldwide. Automation of production operations requires remote data ac-
quisition of many production variables, as well as automatic control of some 
of these variables, such as the gas injection pressure or gas injection flow 
rate. Data acquisition parameters might include downhole fluid pressure and 
temperature, for which permanent downhole sensors are usually installed. 
Publications have shown the importance of using downhole permanent pres-
sure sensors; see for example the work published by Jin et al., 2005. These 
downhole measurements greatly simplify troubleshooting tasks because 
they reduce the need to check many operational conditions, thus the en-
gineer can directly verify the root of the problem. For example, a drop in 
liquid production together with an increase in the injection gas flow rate and 
a decrease in the injection pressure could be due to a shallow point of injec-
tion caused by a hole in the tubing or a flat valve. But it could also be due to 
a reduction of the liquid production from the reservoir caused by sand accu-
mulation, formation damage, or a steep decline in the reservoir pressure. If 
the measured bottomhole pressure is high, the problem could indeed be due 
to a shallow point of injection and a communication test could be performed 
very quickly (or any other actions covered so far to find out the cause of a 
shallow point of injection). However, if the bottomhole pressure is low, the 
problem is due to low liquid feed in. The well’s total depth could be checked 
by wireline (if the well has a history of sand problems) or the well might be 
a good candidate for a stimulation job or a buildup test.

Usually, this level of sophistication is present in high oil flow rate wells, for 
which the costs associated with downhole measurement is justified because 
it is important to have at all times: (1) the current operational status of the 
well, (2) an early warning system, and (3) as much information as possible to 
minimize the time required to bring the production back to its normal levels.

The optimization personnel have (in real time) the important param-
eters of the well as functions of time (tendencies). These data values are 
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electronically acquired and sent to a data processing station by telemetry 
and become available to anybody within the company that needs to have ac-
cess to them. The measured variables usually are: wellhead production tem-
perature and pressure, injection pressure, injection gas flow rate, downhole 
pressure and temperature, as well as important variables at the test separator 
in case the well is being tested. Depending on the variable, the time between 
measurements can go from several minutes to seconds. For intermittent gas 
lift, for example, it is recommended to have one measurement of the injec-
tion pressure every 20 s, while for continuous flow this frequency might be 
too high and all that is required could be one measurement every 15 min.

Due to the continuous decline in costs associated with new technologies and 
the potential advantages they offer, an increasing number of companies are 
using automatic data acquisition systems to gather operational data. Per-
manent downhole sensors are relatively new in gas lift applications and the 
number of wells that have these sensors installed is not very large in gas lift 
fields around the world. Large-scale automatic data acquisition system can 
provide the following advantages:

j Detect in real time important deviations in the performance of the wells 
being monitored.

j Send warning signal to the optimization and the operation teams.
j Send the data to gas lift troubleshooting experts systems that process 

the information and give recommendations based on the knowledge 
base generated by one or several experienced gas lift specialists. These 
expert systems, besides using the automatically acquired data, can 
perform nodal analysis calculations which, in turn, generate additional 
input data to perform the logical steps that these expert systems usually 
handle.

As it has been indicated above, the measurement of the downhole tempera-
ture and pressure can be of great help to the optimization engineer. One 
excellent example of a recent application in which these measurements are 
used is the work presented by Ibrahim et al. (2009) based on a study per-
formed in a gas lift field in Oman.

Multiphase flow calculations can be performed from the bottom of the well 
towards the wellhead using the formation gas/liquid ratio and from the well-
head (by iterations) towards the bottom of the well using the total gas/liquid 
ratio. The point where these two curves intersect corresponds to the point of 
injection if and only if there exists only one point of injection and the multi-
phase flow correlation predicts the pressure along the tubing with a reason-
able level of accuracy. In Fig. 11.29, the injection point depth calculation is 
presented: the uncertainties regarding multiphase flow calculations (as well 
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as the accuracy of the data used to perform these calculations such as the 
water cut, formation gas/oil ratio, injection gas flow rate, liquid production, 
etc.) make it impossible to have a single solution; instead, only a range of 
possible points of injection can be obtained.

Calculations in the order shown in Fig. 11.29 are usually not available in 
commercial software. For this reason, one thing that can be done is to cal-
culate the surface production pressure from the measured bottomhole pres-
sure for different points of injection until the calculated wellhead pressure 
matches the measured wellhead pressure. This trial and error procedure is 
valid only if: (1) the production is stable, (2) there is only one point of in-
jection, (3) the water cut and gas/oil ratio are accurately known, and (4) the 
multiphase correlation used can accurately predict the pressure inside the 
tubing. This last requirement could make this procedure unreliable because 
it might not be possible to estimate the pressure along the tubing to within 
a reasonable level of accuracy. The calculated point of injection should be 
compared to the depths of existing valves. The valve closest to the calculat-
ed point of injection might correspond to the operating valve. If two valves 
are within the range of a possible point of injection, additional calculations 
using valve mechanic equations and gas mass balance equations need to be 
performed to determine the actual point of injection, keeping in mind that 
both valves can actually be open at the same time.

If there is more than one point of injection, there is an infinite number of 
possible solutions which depend on the depths of the points of injection 

■■ FIGURE 11.29 Calculation of the depth of the point of injection from the pressures 
measured at the wellhead and at the bottom of the well.
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and on the gas flow rate that is injected through each of them. The same 
well, with the same reservoir and wellhead pressures and the same lower 
point of injection “X” can have a different upper point of injection “Y” 
if the gas flow rate through “X” is different, as shown in Fig. 11.30. The 
difference between Fig. 11.30a and b might be due to the fact that the gas 
flow rate through point “X” in Fig. 11.30a is smaller than in Fig. 11.30b, 
making the pressure gradient in Fig. 11.30a heavier (more horizontally 
inclined).

If the reservoir static pressure and the liquid production are known, the mea-
sured bottomhole pressure can be used to build the IPR curve, which in turn 
can be used to determine the point of injection using nodal analysis. Nodal 
analysis can be performed using the injection point depth as the sensitivity 
variable. The nodal analysis shown Fig. 11.31 corresponds to a well with 
three gas lift valves. The error band due to multiphase flow calculation er-
rors for the outflow curves and the error band due to the uncertainty in the 
value of the static reservoir pressure for the inflow curve calculation are 
shown in the figure. It can be noticed that the error band is substantially 
reduced due to the fact that the bottomhole pressure is measured and not 
calculated. The injection point seems to be at the third valve’s depth for the 
well operation shown in Fig. 11.31.

Troubleshooting using nodal analysis can also be used even if the bottom-
hole pressure is not measured, but the uncertainty band of the IPR curve 
could be considerably larger, as shown in Fig. 11.32.

If the there are many valves installed in the well and the distances between 
them are not very long, the use of nodal analysis to determine the point of 

■■ FIGURE 11.30 More than one point of injection (stable operation).
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injection is not very reliable, especially if the bottomhole pressure is not 
measured (Fig. 11.33).

Permanent pressure sensors can be used to obtain several stable points along 
the IPR curve by changing the surface injection gas flow rate and measuring 
the liquid production at each of these injection gas flow rates (this test is 
called “multirate test”). These points improve the accuracy of the IPR curve 
and can be used to estimate the formation damage, the productivity index 

■■ FIGURE 11.32 Nodal analysis for three different points of injection corresponding to 
the valves installed in the well (Pwf is calculated).

■■ FIGURE 11.31 Nodal analysis for three different points of injection corresponding to 
the valves installed in the well (bottomhole flowing pressure Pwf is measured).
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and, by extrapolation to zero liquid flow rate, even the reservoir pressure. 
Sufficient time for the well to reach steady-state must be allowed at each 
injection gas flow rate in order to be able to measure the corresponding 
liquid production. The minimum and maximum values of the injection gas 
flow rate to avoid well instabilities must be known before performing a mul-
tirate test. If the injection gas flow rate is too low, the production pressure 
might become greater than the injection pressure at the point of injection. 
If the injection gas flow rate is too high, an upper unloading gas lift valve 
might open. Both situations are explained in detail in Section 11.3. Gas lift 
designs should provide a wide range of possible operating surface injec-
tion pressures in order to perform this test in a practical way in the field. If 
the range of possible operating surface injection pressure is too narrow, the 
points along the IPR curve are going to be too close to each other and the ex-
trapolated IPR curve will not be too accurate (for points away from those 
determined by the test).

11.5.6 Total well depth and liquid level 
measurements using wireline tools
This is a troubleshooting technique widely used in the field and it simply 
consists in running in the well a sample bailer and a tubing end locator. The 
tubing end locator is used to correlate the total depth of the well measured 
by wireline using the sample bailer. This information is used to determine 
if sand has accumulated at the bottom of the well, partially or totally block-
ing the perforation interval. Additionally, the wireline unit can be used to 

■■ FIGURE 11.33 Nodal analysis for six different points of injection corresponding to the 
valves installed in the well (Pwf is calculated).
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determine if there is an obstruction or any solid deposition on the wall of 
the production tubing by means of a tubing gauge tool run in the well in a 
sequential way, starting with the gauge corresponding to the tubing drift 
diameter. The characteristics of the wireline tools mentioned in this section 
are given in Section 6.3.

A quick way of determining the depth of the liquid level is to shut the sur-
face gas injection off, allow time for the fluids to stabilized at the bottom of 
the well, and run in the well a blind box or an impression block at a veloc-
ity that will allow the wireline operator detect the liquid level (by noticing 
changes in the wireline tension). The velocity of the blind box or impres-
sion block depends on the type of crude (heavy or light oil) and it does not 
need to be very high. The wireline velocity should be reduced while passing 
through a gas lift mandrel to avoid damaging the latch of the gas lift valve. 
Today, most gas lift mandrels are built with a wireline tool discriminator 
that will protect the latch from most wireline tools, except those that can get 
inside the side pocket.

The liquid level should be at a reasonable depth above the operating valve. 
If there are several mandrels located below the liquid level, it could be hard 
to single out the actual operating valve from all valves below the liquid level 
(the reservoir could produce liquids for a while after the surface gas injec-
tion is shut off and liquids from the upper part of the tubing may fall to the 
bottom of the well contributing also to the generation of a large liquid col-
umn). However, an abnormally deep liquid level, near or below all gas lift 
valves, could indicate a reservoir pressure decline or important formation 
damage. On the other hand, a liquid level abnormally shallow could point to 
a hole in the tubing or a flat valve.

As presented here, the liquid level obtained after shutting off the surface gas 
injection to the well does not correspond to the reservoir static liquid level. 
To obtain the static liquid level, it is necessary to wait for a much longer 
period of time.

11.5.7 Downhole temperature measurement using 
fiber-optic surveys (distributed temperature sensors 
or DTS)
The use of fiber-optic surveys to measure the temperature along the produc-
tion tubing is becoming a very popular troubleshooting technique. In contin-
uous temperature surveys using RTD sensors, explained in Section 11.5.2, 
measurements are continuously taken as the sensors travel down the well at 
velocities of around 100–150 ft./min. This means that it would take more 
than 1 h between the time the temperature is measured at the wellhead and 
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the time it is measured at the bottom of a 10,000-ft. deep well. On the other 
hand, with optical fibers, temperatures (all along the production tubing and 
regardless of its length) can be taken in a matter of seconds or, at the most, 
in a few minutes. However, it should be pointed out that RTD sensors have 
an accuracy of 0.001°F, while for optical fibers the accuracy depends on the 
time allowed for the measurements to be taken: it takes much less than a 
second to do only one scan of the temperature along the well’s depth but a 
great number of measurements is needed to improve the quality or resolu-
tion of the measurements. For wells of approximately 8000 ft. of depth, it 
takes 1 min to gather enough measurements to get a resolution close to 1°F 
and 30 min for a resolution of 0.2°F.

The physical principle behind fiber-optic temperature measurement is ex-
plained next:

As a light beam travels down the well inside the optical fiber, its intensity 
diminishes because a very small fraction of the initial beam is reflected back 
to the surface at every point along the optical fiber. Three different events 
can happen when a photon strikes a molecule of the optical fiber at a given 
point: (1) the photon is reflected back elastically keeping its original energy 
and therefore its wave length, originating what is known as Rayleigh reflec-
tion, which constitute the greatest part of all the light reflected to the surface, 
(2) the molecule absorbs the photon (the molecule reacts by changing its en-
ergy level to a higher one and emitting a new photon of less energy than the 
original one and therefore of greater wave length, generating what is called 
Stokes reflection), or (3) the molecule absorbs the photon (the molecule 
reacts by changing its energy level to a lower one and emitting a new photon 
of greater energy than the original one and therefore of lower wave length, 
generating what is called anti-Stokes reflection which is proportional to the 
temperature of the optical fiber at that particular point and has an intensity 
which is less than the intensity that the Stokes reflection has).

If the spectrum of all the light reflected back to the surface from only a 
particular point in the optical fiber is analyzed, the temperature of the op-
tical fiber at that particular point is determined by the Stokes/anti-Stokes 
reflection ratio. Fig. 11.34 shows a typical spectral power density graph of 
the reflected light. Because the speed of light is constant inside the optical 
fiber, the depth from which the reflected light is coming can be calculated 
by measuring the time it takes for the light beam to travel to and back from 
that particular point in the well.

If c is the speed of light in the optical fiber, D is the depth of a particular 
point in the optical fiber and ∆t is the time taken for the light to go from the 
light source to the particular point in the optical fiber and back to the light 
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spectrum analyzer, then D = (c∆t)/2. If light is generated at a given time and 
its reflected spectrum is analyzed at different time intervals afterwards, the 
temperature can be determined along the optical fiber at each depth (defined 
by its respective time interval from the moment the light pulse was generat-
ed) by measuring the ratio of the Stokes and anti-Stokes reflections. Because 
the reflected light is not very intense, a great number of measurements must 
be taken from a single point to increase the precision of the temperature 
calculation at that point. Therefore, with current technology it is not really 
possible to obtain an instantaneous measurement of temperature with the 
same precision that RTD sensors can achieve. Current commercially avail-
able instruments can provide a temperature reading every 3 ft. along the 
optical fiber.

Fig. 11.35 shows a schematic diagram of the measuring equipment: a laser 
beam pulse (monochromatic light) of very short duration (in the order of 
nanoseconds) generated at the surface, passes through a directional filter 
(which allows the light to go from the generator to the well, but reflects 

■■ FIGURE 11.34 Light spectrum of reflected light from a given instant and point in the 
optical fiber.

■■ FIGURE 11.35 Equipment required for temperature measurements using fiber-optic 
surveys.
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the light coming back from the well). The reflected light is captured by the 
spectrum analyzer to measure the Stokes/anti-Stokes ratio.

It is not necessary to run in the well electronic equipments to measure tem-
perature using optical fibers in this way. Optical fibers are not affected by 
vibrations or electromagnetic waves and they can have a working tempera-
ture range of –90 to +500°F. These operational limits are established mainly 
by the material used to isolate the optical fiber. There are optical fiber cables 
of 1/4, 3/16, and 1/8 in. in diameter that can usually withstand loads of up 
to 1500 lb. With the help of weight bars, optical fibers can be run in the 
well at a velocity of around 100 ft./min. The wellhead lubricators used with 
fiber-optics applications are the same as the ones used for slick lines, which 
usually have a hydraulic device to control the inside pressure. The technique 
to measure temperature along the well with optical fibers, known as DTS,  
was introduced in the oil industry in the mid-1990s (although the physical 
principal on which this technique is based was known since the 1930s). 
Optical fibers are used for a variety of troubleshooting tasks: detecting the 
depth of the point of gas injection, finding the location of communications 
or holes in the tubing or in the casing, identifying the producing perforated 
intervals, identifying the perforating intervals through which water is being 
injected in water injection wells, or detecting communicating channels be-
hind the casing, among others.

The great advantage of using optical fibers is that downhole temperatures 
along the well can be known almost in real time under stable or unstable 
conditions. The optical fiber is introduced in the well through a lubricator. 
In the lower part of the optical fiber a wireline socket can be installed bel-
low which weight bars, wireline pressure and temperature sensors, and a 
CCL detector can be installed. The CCL is used to correlate the temperature 
measurements taken by the fiber optic with the depths of each point along 
the well. Wireline pressure and temperature sensors run in the well with the 
optical fiber can store their measurements in downhole electronic memory 
units, although some operators use sensors that have the capacity of sending 
their signals to the surface in real time while the optical fiber is being run in 
the well and throughout the entire time the optical fiber is in the well. Some 
service companies offer the use of three optical fibers inside one cable: two 
optical fibers are used to measure the temperature and pressure at the bottom 
of the well and the third is used to measure the temperature along the entire 
length of the well (DTS). When an optical fiber is used to find the position 
of a large casing–tubing communication, it might also be useful to install 
in the lower end of the optical fiber a turbine type flow meter. The tem-
peratures measured using fiber optics can be presented in two dimensional 
graphs (temperature–depth diagrams) like those shown for conventional 
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temperature measurement in Figs. 11.15 and 11.16, or in three dimensional 
graphs as shown in the next figure.

Two stable points of gas injection are shown in Fig. 11.36. This type of 
three-dimensional graph is very useful in analyzing the temperature behav-
ior in time, especially if the gas injection is unstable.

Optical fibers can also be used to detect holes or communications along very 
deep wells (or, in general, in places where it will be too expensive to pull the 
tubing out of the well) in the same way high precision temperature sensors 
run in the well by wireline are used.

Once gas injection has been shut off, the optical fiber is run in the well 
to get a base temperature of the fluids along the production tubing. 
Then, liquid is injected down the annulus with tubing return or vice 
versa. Water is the most frequently used liquid. The liquid flow rate 
is determined by the size of the hole and the liquid injection pressure 
at the surface. If it is desired to detect more than one communication, 
it is important to pump the liquid at a very high pressure to make 
sure that the pressure drop at each communication can be detected. 
The communication is detected by an anomaly in the temperature 
measurement around the point where the communication is located. 
Previously, gas lift valves should have been replaced with dummy 
valves and a standing valve should have been installed at the bottom of 
the tubing to protect the formation. The advantage of optical fibers in 
this case, compared with high sensitive wireline temperature sensors, is 
that it is possible to stop the liquid injection at any moment as soon as 
a temperature anomaly is found and analyzed by the operator (almost 
in real time) at the surface. Additionally because the optical fiber does 

■■ FIGURE 11.36 Three dimensional graph with the temperature (measured using an 
optical fiber) as a function of time and depth.
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not move, measurement errors introduced by the movement of wireline 
pressure and temperature sensors, as they are run in or pulled out of the 
well, are not present when using optical fibers.

Fig. 11.37 shows what happens when liquids are injected down the tubing 
and circulated up the annulus. As soon as the liquid injection begins, liquids 
inside the tubing are forced down towards the communication. All the liquid 
above the communication is displaced downwards. This causes the tempera-
ture at points above the communication to drop. Below the communication, 
the temperature does not change because the fluids don’t move (the gas lift 
valves have been replaced with dummy valves and a standing valve was in-
stalled at the bottom of the tubing). In Fig. 11.37, T1 is the initial temperature 
and, as liquids are injected, it changes first to T2 and then to T3:

Fig. 11.38 shows the temperature measurements in a well in which a com-
munication test revealed a hole in the casing. Gas lift valves were replaced 
by dummy valves and water was injected down the annulus without circulat-
ing it back to the surface. The fiber optic inside the tubing was able to detect 
the increase in temperature caused by friction as liquids were injected into a 
shallow formation through a hole in the casing. This heating effect can also 
be detected in wells with a small hole in the production tubing, for which 
water can be injected down the tubing with return up the annulus. Using this 
technique, more than one hole can be detected if water is pumped at a suf-
ficiently high rate to cause a temperature increase in small communications.

Permanent DTS cables are installed on the outside wall of the tubing. These 
installations work very well most of the time to find the point of gas injection, 

■■ FIGURE 11.37 Casing–tubing communication detected by temperature 
measurements.

■■ FIGURE 11.38 Detection of a 
communication in the casing wall.
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but it might be difficult to locate the point of injection depth in high rate 
wells with high water cuts because it could be very hard to distinguish the 
cooling effect caused by the expansion of the injection gas from the normal 
temperature fluctuations along the well. Specific examples of field applica-
tions of temperature measurements using fiber-optics have been published 
by: Brown et al. (2005), Julian et al. (2007), and Gonzalez et al. (2008).

11.5.8 Measurement of the liquid level 
(or instantaneous liquid flow rate) inside  
the test separator
When the “dump-valve” system is used in the test separator to measure the 
liquid production of the well, the way in which the liquid level behaves as 
a function of time in the test separator can give important clues as to what 
might be happening in the well. For example, surface gas injection might ap-
pear to be taken place intermittently but the well could be producing liquids 
in a continuous fashion. The well might be heading but the liquid production 
never goes down to zero. In some test separators, the liquid production is 
determined by measuring the time it takes for the liquid level to go from a 
minimum to a maximum value. Once the liquid level reaches the maximum 
value, a dump valve opens and the liquid is discharged to the liquid storage 
tank at the flow station. When the liquid level reaches the minimum value, 
the dump valve closes to initiate a new measuring cycle. The liquid produc-
tion is equal to the volume of liquid inside the separator between the mini-
mum and maximum levels, divided by the time it takes for the liquid to fill 
the volume between those two levels. Some of the ways in which the liquid 
level might change in time are presented in Fig. 11.39.

In Fig. 11.39a the liquid production is intermittent, with large liquid slugs 
that reach the surface at a high velocity. In Fig. 11.39b the liquid produc-
tion is intermittent, with large liquid slugs that reach the surface at a low 
velocity. In Fig. 11.39c the liquid production is intermittent, with small liq-
uid slugs that reach the surface at a high velocity. In Fig. 11.39d the liquid 
production is intermittent, with small liquid slugs that reach the surface at a 
low velocity. In Fig. 11.39e the liquid production is continuous, with regular 
intervals of larger and smaller liquid production flow rates. In Fig. 11.39f 
the liquid production is continuous but the well is heading with slugs of ir-
regular sizes reaching the surface in a random fashion.

When a flow control valve (instead of the “dump-valve system”) is used 
to keep the liquid level in the test separator constant, the liquid production 
is measured by integrating (in time) the instantaneous liquid flow rate sig-
nal at the liquid outlet of the separator. This flow rate signal should have a 
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behavior similar to the ones shown in Fig. 11.39 for the liquid level, with 
patterns also easy to recognize.

The gas flow rate at the gas outlet of the test separator can also give hints 
as to what might be taking place in the well, but most of the time it is not 
used as an analytical troubleshooting tool because of the erratic behavior of 
the differential pressure across the orifice plate (if an orifice plate is used) 
or the erratic behavior of the output signal of a turbine or vortex flow meter. 
This is the reason why it is usually not possible to accurately measure the 
formation gas/oil ratio. Nevertheless, it is recommended to always analyze 
the total gas flow rate chart, or signal, to check its value in the best possible 
way and determine if there is a flow pattern that can be used to infer what 
might be happening in the well or if there is a restriction at the separator 
that is keeping it at a pressure much higher than the gas gathering system. 
One way of reducing the error in the calculation of the total gas flow rate at 
the test separator is by integrating in time the gas flow measurement signal. 
There are mechanical integrators that can be used when the only informa-
tion available is the differential and static pressures in the orifice plate chart. 
If the flow is given as an electronic signal, a simple routine can be used to 
perform a numerical integration in time of the total gas flow rate.

■■ FIGURE 11.39 Behavior of the liquid level (or instantaneous separator’s outlet liquid 
flow rate) in the test separator.
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11.5.9 Use of injection gas flow rate  
measurement charts
The measurement of the injection gas flow rate that goes to each well is 
usually centralized at the gas injection manifold. In this way, it is easy and 
economical to maintain and keep records of the injection gas flow rates to all 
wells. To avoid measuring problems associated with cooling effects of the 
injection gas (like, for example, hydrates formation), the orifice plate that is 
used to measure the gas flow rate should be installed upstream of the gas flow 
control valve. Unfortunately, this way of installing the orifice plate does not 
allow the measured static pressure to be used as a reference for the injection 
annular pressure at the wellhead. If the orifice plate is away from the well, 
at the injection manifold for example, and installed downstream of the gas 
flow control valve (not recommended as indicated above), the static pressure 
used in the measurement of the gas flow rate is not exactly the actual injec-
tion pressure at the wellhead, but it is close to it and its variations would be 
very similar to the ones at the wellhead. If the orifice plate is installed near 
the well (and at the same time downstream from the gas flow control valve 
but far from it) the gas cooling problems are reduced and the static pressure 
is a good reference of the injection gas pressure at the wellhead. In this situ-
ation, some operators use a three-pen chart recorder for: (1) the wellhead 
production pressure, (2) the wellhead injection pressure, and (3) the differ-
ential pressure across the orifice plate. In any case, the behavior in time of 
the static and differential pressures used in the measurement of the gas flow 
rate can provide important clues as to what might be taking place in the well. 
Wellhead pressure charts should always be recorded together with the gas 
flow rate charts or be integrated in a single chart as was already mentioned. 
This is done not only to measure the gas flow rate, but also to determine how 
the gas flow rate changes in time and associate these changes with events 
taking place in the well and in the gas lift system.

The signal fluctuations from gas flow rate measurement devices other than 
orifice plates, such as vortex flow meters or turbine flow meters, can be 
analyzed in the same way as the behavior of the differential pressure is ana-
lyzed when orifice plates are used. Vortex and turbine flow meters offer a 
wider range of gas flow rate measurements but they are more expensive, 
very sensitive to liquids and solid particles in the gas flow, and need more 
maintenance.

For a well that is not taking any gas, the gas flow rate measurement and 
wellhead pressure charts would look like the ones shown in Fig. 11.40 when 
the gas injection to the well is initiated. The wellhead gas injection pressure 
increases as expected while the annulus is being pressurized, but the gas 
pressure continues to increase until it reaches the line injection pressure 
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and the gas flow rate goes down to zero. In Fig. 11.40, the gas flow rate is 
measured upstream of the gas flow control valve.

Sometimes, the differential pressure at the orifice plate behaves in a strange 
way and control of the gas flow rate is lost. One of the following alternatives 
might be taking place at the gas injection flow control valve: (1) its internal 
components have failed and the valve’s stem moves in an uncontrolled fash-
ion, (2) dirt or solid particles are being accumulated at the valve, and the 
injection gas flow rate behaves in an erratic way or it stops all together, or (3) 
there might be freezing problems that make the injection stop for short peri-
ods of time or behave in a characteristic way that helps identify the problem.

Fig. 11.41 shows what happens when gas injection control is lost due to dirt 
accumulation at the surface control valve or the internal components of this 
control valve fail. This particular well is not automated so no automatic con-
trol actions are taken to regulate the gas flow rate or the pressure (the flow 
rate is set manually). In this case, it is recommended to vent the gas injec-
tion line and to check the flow control valve internal components. It is also 
a good idea to check the chart recorder to verify that the problem is actually 
happening in the way it is shown by the chart and not some malfunction of 
the recorder itself.

■■ FIGURE 11.40 Well is not taking gas. (a) Gas flow rate measurement chart and (b) wellhead 
pressure chart.

■■ FIGURE 11.41 Gas flow rate chart. Flow rate control is lost due to dirt accumulation 
or malfunction of the internal components of the flow control valve.
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Although it is usually difficult to determine what the problem with the in-
jection gas flow rate control valve is, the pressure pattern caused by hydrate 
formation is easy to identify. The differential pressure pattern shown in 
Fig. 11.42 is typical of a well with hydrate formation problems (the differ-
ential pressure goes up and down in a high frequency pattern). This pressure 
pattern is also very similar to the one that can be seen in wellhead pres-
sure charts when there is hydrate formation. It can appear in the wellhead 
pressure recorder but not in the gas flow recorder or vice versa, or it can be 
present in both recorders at the same time.

In the following two figures, irregular wellhead pressure patterns caused 
by hydrate formation are shown together with their respective gas flow rate 
charts. In both cases, the gas flow rate control valve is near the wellhead.

In Fig. 11.43 there is an instability problem of the injection pressure system 
together with a hydrate formation problem that shows up at the wellhead 
pressure charts but not at the gas flow measurement chart.

In Fig. 11.44 the gas flow rate measurement is not affected by what is hap-
pening in the well because the gas flow rate control valve, located down-
stream of the orifice plate, is in critical flow. Usually, what happens in the 

■■ FIGURE 11.42 Gas flow rate chart. Gas flow rate control is lost due to hydrate 
formation.

■■ FIGURE 11.43 Wellhead pressure fluctuates due to hydrate formation and gas lift 
system instabilities (7-day charts). (a) Gas flow rate chart and (b) wellhead pressure chart.
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well could be reflected in the gas flow measurement chart but not in a very 
pronounced way or not at all as shown in this example.

Many times, the only way to understand what happens in the well is by 
analyzing the wellhead pressure chart together with the gas flow rate chart 
(both charts recorded during the same time interval). Fig. 11.45 shows what 
happens when gas is injected into the production tubing through a large 
casing–tubing communication. If the gas injection flow rate is low, the well 
produces large liquid slugs at regular intervals. Injection gas uncovers the 
tubing hole at regular intervals. When the gas flow rate drops (notice that the 
differential pressure in the gas flow rate chart drops to zero several times), 
the slugs become smaller, but when the gas flow rate is increased to a high 
value (the differential pressure in the gas flow rate chart goes up), the well 
begins to flow in a stable manner with a low injection pressure.

■■ FIGURE 11.44 Pressure fluctuates due to hydrate formation (7-day charts). (a) Gas 
flow rate chart and (b) wellhead pressure chart.

■■ FIGURE 11.45 Well with a casing–tubing communication: flows with large casing and tubing 
pressure fluctuations at low injection gas flow rates and with constant wellhead pressures at high 
injection gas flow rates. (a) Gas flow rate chart and (b) wellhead pressure chart.
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The optimization engineer should be aware of the fact that the size of the 
orifice plate reported in the well’s file might not be the actual one installed in 
the field. Orifice plates are sometimes mounted in meter runs that allow the 
orifice plate to be inspected in an easy way; however, in most cases it takes 
time and effort for the operational personnel to verify the diameter of the 
orifice plate and they are usually reluctant to check its actual size.

The static and differential pressure sensors must be calibrated using a dead 
weight tester or any instrument that will ensure that the measurements are 
precise. One quick way of having only an idea of the actual calibration of 
the static pressure sensor is to disconnect it and expose it to atmospheric 
pressure, the static pressure reading shown in the chart should go down to 
zero. Regarding the differential pressure sensors, they usually have inte-
gral manifolds that allow the operator to do the following quick calibration 
check: close the two valves that communicate the differential pressure sen-
sor to the high and low pressure taps of the orifice plate and then open the 
central bypass valve that equalizes the high and low pressure intakes. The 
differential pressure reading should then go down to zero if the sensor is 
properly calibrated (the sensor might still have other calibration problems 
that should be checked with special equipment from time to time).

11.5.10 Use of wellhead pressure charts
It is in most cases impossible to troubleshoot a well on gas lift without 
knowing how the wellhead production and injection pressures behave in 
time. Although it is not possible to reach a final conclusion about the well 
current status just by looking at wellhead pressure charts, there are distinc-
tive pressure patterns that point to specific problems and greatly simplify 
troubleshooting tasks. Every well should have pressure charts recorded 
regularly (unless the well is equipped with electronic sensors and the data 
is remotely obtained in real time). This might be accomplished by install-
ing permanent pressure chart recorders or by using portable units to attend 
several wells in a particular area, regardless of their current operational 
conditions. Examples of wellhead pressure charts showing typical opera-
tional problems are presented in this section.

Fig. 11.46a shows a typical behavior of the wellhead pressures of a well 
with IPO valves in continuous flow, in which the liquids are produced up the 
production tubing string.

Fig. 11.46b shows a high wellhead production pressure that can cause a 
decrease in liquid production. The most important causes of high well-
head production pressure are: unnecessarily high injection gas flow rates, 
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emulsions, bends and unnecessary restrictions at the wellhead and flowline 
such as chokes or choke housings, high separator pressure, flowline too long 
or with an ID too small, smashed flowlines, solid depositions along the flow-
line like paraffin, sand, asphaltenes, or carbonates.

The behavior presented in Fig. 11.47 is typical of a well that produces a high 
viscosity liquid (emulsions or heavy oils). These wells are better produced 
with a high frequency intermittent gas injection. The spread of the valve 
(difference between the opening and closing pressures of the gas lift valve) 
should be small and the injection frequency high so that the liquid production 
can be continuous. Injection cycles of 5 min in duration are common in wells 
with points of injection at approximately 8000 ft. of depth. Intermittent in-
jection lowers the possibility of emulsion formation by decreasing the effect 
of liquid and gas flow turbulences present in continuous gas injection. The 
tubing is filled with liquid slugs separated by gas bubbles that are injected at 
regular intervals. These gas bubbles are very small compared to the gas bub-
bles that are injected into standard intermittent gas lift wells. For heavy oils, 
high frequency intermittent injection avoids foam formation that increases 

■■ FIGURE 11.46 (a) Well on continuous gas lift without apparent operational problems (stable injection 
pressure at its design value, stable production tubing pressure at an acceptable low value). (b) Too high wellhead 
production pressure.

■■ FIGURE 11.47 Well producing viscous fluids: gas injection (intentional or not) is 
intermittent while the liquid production is continuous.
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the pressure drop along the tubing. Existing multiphase flow models and 
correlations are not adequate to calculate, in a precise manner, the pressure 
along the production tubing with high frequency intermittent gas injection. 
The production pressure is usually high in wells producing with this type 
of flow pattern so this technique only works if the reservoir pressure is high 
enough to sustain liquid production at large bottomhole flowing pressures.

Even though high frequency intermittent gas injection increases the ef-
ficiency of the gas lift method for the types of liquids mentioned above, 
the lifting efficiency is not greatly improved. It is advisable to operate high 
reservoir pressure wells that produce heavy oil with electric submersible 
pumps (ESP), which is something that until not too long ago was thought 
to be impossible. It has been demonstrated that the high liquid production 
obtained with ESPs helps keep the fluids warm and, therefore, the viscosity 
at a low value.

Fig. 11.47 corresponds to a well on choke controlled intermittent gas lift. 
However, this high frequency gas injection can be attained with the use of 
surface intermitters as well. For choke control, the frequency variations that 
are shown in the figure are caused by fluctuations in the gas lift system’s 
pressure, which in turn causes changes in the injection gas flow rate: when 
the gas flow rate increases, the cycle time decreases, and vice versa. The 
well-defined, sharp pressure peaks indicate that the downhole valve is open-
ing and closing and not a gas lift valve (in throttling flow) that never com-
pletely closes. The well should be troubleshoot (in an approximate way) 
as a continuous flow well even though the tubing pressure cannot be ac-
curately determined, but troubleshooting the well as an intermittent gas lift 
well would be totally wrong. The gas lift valve installed in the well with the 
pressure chart shown in Fig. 11.47 is an IPO valve.

The pressure behavior shown in Fig. 11.47 can also be due to an improperly-
set, low injection gas flow rate to a well with a single-element, IPO valve 
(not a pilot valve). Continuous gas lift wells with single-element, IPO valves 
at the operating point of injection tend to produce on intermittent gas lift 
with very small valve’s spread when the gas flow rate is reduced. When this 
happens, the induced intermittent gas lift production is usually highly inef-
ficient because it could reduce the liquid production and increase the injec-
tion gas/liquid ratio. The small spread is due to the fact that single-element 
valves usually have small area ratios (as explained in Chapters: Design of 
Intermittent Gas Lift Installations and Intermittent Gas Lift Troubleshoot-
ing, the spread of the valve is proportional to its area ratio).

The behavior shown in Fig. 11.47 can also be present in properly-designed, 
choke-control intermittent gas lift wells that have not been fully unloaded: 
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when the pilot valve is uncovered at the end of the unloading operation of 
the well, the liquid column above it is too long, and the pilot valve opens at a 
lower than designed injection opening pressure because the high production 
pressure helps opening the valve in a significant manner (so that there is 
no need to increase the injection pressure to its design value to open the 
valve). On the other hand, the pilot valve’s closing pressure remains at its 
design value because most pilot valves are spring-loaded valves that are not 
affected by a change in temperature caused by a reduction in the liquid pro-
duction. For this reason, the spread of the valve is very small and the volume 
of gas injected per cycle is insufficient to produce the liquid column to the 
surface. When this happens, the production of the well can drop to zero or 
become very small and this is what distinguishes this type of problem from 
the one caused by a high viscosity fluid, for which the reservoir pressure is 
high enough to produce the well, as explained above. If the gas injection 
flow rate is temporally and significantly increased, the long liquid columns 
can be produced and the unloading operation can be finally completed. With 
smaller liquid columns to be lifted during normal operation, the spread of 
the valve increases and the well should produce with no problem at the 
design lower injection gas flow rate. Fig. 12.27 shows how the wellhead 
pressure chart looks like when the injection gas flow rate needs to be tem-
porarily increased to unload a choke-control, intermittent gas lift well with 
this type of problem.

The gas lift IPO valve in a well with wellhead pressures as shown in 
Fig. 11.48 never actually closes. This frequently happen when the reser-
voir pressure decreases and the well tries to intermit on its own because the 
production pressure (that would otherwise help maintain the valve open) 
has decreased. There are no sharp injection pressure peaks shown in the 
chart; instead, they are rounded and this shape helps identify this type of op-
erational condition in the well. The gas injection and liquid production are 
continuous and the gas lift valve never closes, but it never fully opens either. 

■■ FIGURE 11.48 Valve in throttling flow. Continuous gas injection and liquid production.
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When the production pressure decreases, the valve tends to close because it 
is operating in throttling flow (for which the production pressure has a high 
impact on the opening of the valve). As the valve tends to close, the gas 
flow rate into the tubing decreases causing two effects that help stabilize the 
injection pressure: (1) because the gas flow rate into the tubing is lower, the 
production pressure increases and this reverses the tendency of the valve to 
close, and (2) because the gas flow rate injected at the surface is constant, 
once the gas flow rate through the gas lift valve decreases, the injection an-
nular pressure increases and this also makes the valve begin to open wider 
again. The valve then opens wider and the gas flow rate increases so that the 
production pressure now begins to drop and the injection cycle is repeated. 
The injection pressure could be stabilized by increasing the injection gas 
flow rate, but this solution might sometimes lead to an increase in the injec-
tion pressure that could open one or more upper unloading valves, inducing 
either a high gas injection flow rate or a worse instability problem.

The injection pressure stabilizing effect that a gas lift valve introduces is just 
not present if the operating valve was an orifice valve instead of a calibrated 
IPO valve. Wells that produce in this fashion must be troubleshoot (in an ap-
proximate manner) using continuous gas lift troubleshooting techniques and 
not intermittent gas lift techniques. Even though it might appear simple, it 
is not easy to model this type of operation because it requires coupling tran-
sient reservoir response to transient multiphase flow, gas lift valve dynamic 
behavior, and transient annular injection pressure response.

Fig. 11.49 shows the pressure chart of a well that was tested for 3 h. The well-
head production pressure was lower while the well was being tested. Under 
this condition, the well test might not represent the well’s normal operation 
because it is possible that the well might had not achieved steady-state flow 
during this short period of time. However, even if steady-state was reached, it 
is highly possible that the liquid production during the test was greater com-
pared with the well’s production when it is directed to the main production 
separator at the flow station. Downhole pressure surveys run while the well 

■■ FIGURE 11.49 The production of the well was directed to the test separator for 3 h. 
The wellhead production pressure is much lower during the test.
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was producing to the main production separator cannot be used to generate 
IPR curves or to verify the accuracy of multiphase flow correlations if the 
liquid flow rate is measured at a different day of the survey with the produc-
tion wellhead pressure much lower than the wellhead pressure during the 
survey. Gas lift is highly sensitive to wellhead pressure because the wellhead 
is directly connected to the formation. Testing the wells at a lower wellhead 
pressure will also introduce errors in back-allocation calculations.

The chart in Fig. 11.50 corresponds to a well in which its wellhead produc-
tion valve (to the flowline) was shut while keeping the gas injection valve 
open. The injection and production pressures reached injection line pres-
sure. In the chart, the production and injection pressures are not at the same 
level because the production pressure scale goes from 0 to 1000 psig, while 
the injection pressure scale goes from 0 to 1500 psig. It is not advisable to 
close the well in this way because it might damage the gas lift valves or the 
formation (the only advantage is that the high-pressure gas is not lost if the 
well needs to be shut in, but the same effect is obtained if the injection gas 
is shut off at the same time the well is shut in). In fact, it is always better 
to keep the wells producing constantly. Some wells are assigned a certain 
monthly accumulated production limit and once this limit is obtained, the 
well should be closed. In these cases, it is better to lower the daily pro-
duction of the well to reach the maximum allowed monthly accumulated 
production without having to close the well at any time during the month.

The chart in Fig. 11.51 shows the moment gas injection to the well was shut 
off while leaving the well open to production. The gas injection pressure 
drops to the operating valve’s surface closing pressure and the wellhead pro-
duction pressure drops to separation pressure. The operating gas lift valve 
is an IPO valve. If the operating valve was an orifice valve, the injection 
pressure would had dropped to lower values, but it would not had reached 
separation pressure unless the well was not producing any liquids or the gas 
injection was taking place through a communication or a flat valve above 
the static liquid level.

■■ FIGURE 11.50 Well closed to production (wellhead wing valve to flowline closed and 
wellhead gas injection valve opened).
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The chart in Fig. 11.52 shows the unloading process of a well with IPO 
valves. The well is completely filled with completion fluids. The injection 
pressure drops as each of the three valves installed in the well is uncov-
ered. Production headings are observed every time a valve is uncovered. 
The production pressure increased from the pressure at the separator of 
around 40 psig to about 75 psig when the unloading process was finished, 
indicating that liquids are being produced to the flow station. In contrast to 
Fig. 11.52, the chart in Fig. 11.53 shows the unloading process of the same 
well with an extremely high gas injection flow rate: in a relatively short 
time, the injection pressure reaches the line injection pressure and stays at 
that value for a long time before uncovering the first valve, indicating a very 
high pressure drop through the valves while only liquid is flowing through 
them. While unloading a gas lift well, the injection pressure should never 
reach line pressure. The liquid flow rate through a gas lift valve during the 
unloading operation should not be greater than 1.5 Br/min. The way a gas 
lift well should be unloaded is explained in chapter: Design of Continuous 
Gas Lift Installations.

Fig. 11.54 shows the pressure chart of a well producing liquid with a water 
cut of more than 30 or 40%. The liquid produced might or might not be 

■■ FIGURE 11.51 Surface wellhead gas injection valve closed with the production 
tubing open to production.

■■ FIGURE 11.52 Unloading process of a gas lift well with IPO valves (good operation).
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emulsified. The well produces large liquid slugs at a very high frequency. 
This type of flow pattern is many times present when water is being pro-
duced. The gas lift equipment is working without problems and the well 
should be left alone. The well has IPO valves, gas is injected down the cas-
ing–tubing annulus, and liquids flow up the production tubing.

The chart in Fig. 11.55 shows what happens when hydrates are generated 
from time to time due to a drop in ambient temperature. The gas lift valves 
are IPO valves and the liquid is produced up the tubing. Hydrates complete-
ly block the surface gas injection valve and the flow rate goes down to zero 
so that the injection pressure decreases until the surface closing pressure of 
the operating valve is reached. When hydrates melt, gas injection is restarted 
but it is not possible to inject gas through the operating valve because the 
liquid column that has accumulated above it creates a hydrostatic pressure 
greater than the injection pressure at the operating valve’s depth. Gas injec-
tion is restarted through the upper unloading valve. Gas injection begins 
through the operating valve again when the production pressure at the oper-
ating valve drops to a value less than the gas injection pressure at that depth. 
It takes some time for the hydrates to melt because the ambient temperature 
is very low. If the ambient temperature is high, hydrates melt in a very short 

■■ FIGURE 11.53 Unloading process of a gas lift well with IPO valves (excessive injection 
gas flow rate before uncovering the first valve).

■■ FIGURE 11.54 Well on continuous gas lift with no operational problems. High  
water cut.
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period of time, creating a completely different gas injection pressure pattern 
as shown in Figs. 11.43 and 11.44.

Fig. 11.56 shows an erratic production pressure behavior caused by tem-
porary plugging of the wellhead production choke. As soon as the choke 
is plugged, the production pressure rises and makes the flow across the op-
erating gas lift valve become throttling flow. Injection pressure peaks are 
rounded as shown in Fig. 11.48 for throttling flow across the operating 
valve. Chokes should not be used in gas lift wells. The production wellhead 
pressure usually rises when the liquid production increases; however, in the 
case shown in Fig. 11.56, the production pressure increases because of a 
restriction in the flowline located downstream of the connection of the well-
head production-pressure sensor.

Fig. 11.57 shows unstable liquid production and gas injection caused by 
a casing–tubing communication (tubing hole) located below the operating 

■■ FIGURE 11.56 Restrictions at the wellhead production choke.

■■ FIGURE 11.55 Surface injection gas flow rate temporarily drops to zero due to 
hydrate generation at the surface gas injection control valve.
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gas lift orifice valve. The liquids are produced up the tubing and the gas lift 
valve at the operating point of injection is an orifice valve that allows gas 
injection into the tubing as long as the annular injection pressure is higher 
than the production tubing pressure. The well seems to be producing inter-
mittently, but the liquid production at the test separator reveals that the pro-
duction never drops down to zero. Additionally, calculations show that the 
injection pressure is higher than the production pressure at the depth of the 
operating orifice valve during the periodic intervals of stable gas injection 
pressure and liquid production. The instantaneous liquid flow rate (and not 
the total daily liquid production) should be used to calculate the production 
pressure along the tubing during the intervals in which the surface gas injec-
tion pressure is stable.

The well corresponding to the chart in Fig. 11.57 actually has a continu-
ous liquid production with the gas injection through the orifice valve while 
the liquid level in the annulus is above the casing–tubing communication. 
Slowly, the liquid level in the gas injection annulus decreases, eventually 
uncovering the communication. In the period of time before uncovering the 
communication, the injection pressure is very stable because the sum of 
the gas flow rate injected into the tubing through the orifice valve and the 
gas flow rate displacing the liquids in the annulus is equal to the total gas 
flow rate injected into the well’s annulus at the surface. The pressure in 
the production tubing is more or less constant until the communication is 
uncovered. At that moment, the injection gas enters the tubing through the 
casing–tubing communication at a flow rate much larger (because of the 
size of the communication) than the gas flow rate injected at the surface 
and this causes a steep decline of the annular injection pressure. The liquids 
in the tubing above the communication are produced as large liquid slugs 
that reach the surface causing wellhead production headings. Right after the 
slugs have been produced to the surface, the bottomhole flowing pressure 
drops to a point that makes the formation react with an increase in liquid 

■■ FIGURE 11.57 Continuous liquid production with unstable gas injection pressure 
caused by a casing–tubing communication (tubing hole) located below the operating 
orifice valve.
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production that, in turn, makes the liquid level rise very fast in the annulus 
(liquids can go from the tubing into the annulus thanks to the casing–tubing 
communication). The injection pressure also increases after the slugs have 
been produced but its rate of increase is slow and, for a while, the injection 
pressure is not high enough to stop the liquid level from rising in the an-
nulus. During this time, gas injection takes place through the orifice valve 
only because the liquids have blocked the casing–tubing communication 
below it. Because the injection gas flow rate at the surface is constant and a 
much lower gas injection flow rate into the tubing takes place through the 
downhole single point of injection, the gas pressure in the annulus begins to 
rise. Eventually, the gas injection pressure reaches a value sufficiently high 
to make the annular liquid level descend as the liquids are pushed by the in-
jection gas back into the tubing through the casing–tubing communication.

The pressure–depth diagrams of one injection cycle shown in Fig. 11.57 
are presented in the following figures. The frequency and magnitude of the 
wellhead pressure headings depend on the size of the communication, the 
production capacity of the reservoir, the injection gas flow rate, as well as 
on the relative position of the casing–tubing communication with respect to 
the operating valve. This is the reason why casing–tubing communications 
can manifest in a great variety of wellhead pressure patterns and the one 
shown in Fig. 11.57 is just one of them. Trying to analytically simulate this 
injection cycle is neither easy nor necessary to troubleshoot the well. Field 
techniques, such as communication tests or the use of sonic devices are far 
more practical in these cases (Figs. 11.58–11.62).

■■ FIGURE 11.58 Gas injection through the orifice valve. Injection pressure and annular 
liquid level are rising.
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Fig. 11.63 shows the pressure chart from a well that produces on natural 
flow up the production tubing but it needs gas injection to start liquid pro-
duction. The well also needs periodic gas injection (from time to time) be-
cause it has a tendency to die. Bottomhole tubing pressure increases due to: 
(1) liquid loading, and (2) a drop in formation gas production. Gas injection 

■■ FIGURE 11.59 Gas injection through the orifice valve. Gas injection pressure is kept 
more or less constant while the annular liquid level is descending.

■■ FIGURE 11.60 Gas injection through the orifice only. Moments just before the 
communication is uncovered.
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is controlled by measuring the wellhead production pressure. When the pro-
duction pressure drops to values less than a predetermined pressure (indi-
cating that the well is dying), a surface injection control valve opens to 
allow gas injection through a gas lift valve at the bottom of the well to make 
the production pressure lighter so that the well can continue to produce on 

■■ FIGURE 11.61 Gas injection through the orifice valve and the communication. Just 
after the communication is uncovered.

■■ FIGURE 11.62 Gas injection through the orifice valve. Liquids are beginning to enter 
the annulus.
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natural flow. The liquid production is then increased and, in consequence, 
the wellhead production pressure also increases. Once the wellhead produc-
tion pressure is greater than a certain value, the surface gas injection control 
valve closes and the surface injection pressure drops until it reaches the 
surface closing pressure of the downhole operating valve, which is an IPO 
valve. In some wells, the gas injection interval only takes a few minutes 
after which the surface injection valve closes and might remain closed for 
hours or days.

Fig. 11.64 shows the pressure chart of a well producing on continuous gas 
lift, with a high wellhead production pressure, which is constantly chang-
ing because of a nearby intermittent gas lift well that produces to the same 
separator at the flow station. The high wellhead pressure and its fluctuations 
are not caused by the well itself, but they are a consequence of what is going 
on at the flow station. When analyzing a well, it is then important to verify 
how the main production separator pressure and the gas lift system’s gas in-
jection pressure are changing. A nearby intermittent well might affect both 
the separation pressure at the flow station and the gas injection pressure at 
the gas injection manifold.

■■ FIGURE 11.63 Natural flowing well with injection gas flow rate controlled by the 
tubing pressure.

■■ FIGURE 11.64 Continuous gas lift well with a high wellhead production pressure 
caused by the pressure behavior of the main separator at the flow station.



738 CHAPTER 11 Continuous gas lift troubleshooting

There are many other examples of cases with wellhead pressure patterns 
different from the ones shown so far. It is simply impossible to show all 
of them. The important thing is to know how to analyze wellhead pressure 
charts or tendency curves. In most cases, the correct analysis involves per-
forming a great deal of calculations to find the actual point of injection. If 
it is not possible to perform any calculation at all due to, for example, the 
fluctuations of the wellhead pressures, field techniques must be performed 
to understand the behavior of the well and solve the problem very quick-
ly. However, field troubleshooting techniques also involve planning and 
preparations in which some calculations might be required. Experience and 
imagination is sometimes all the optimization engineer has to solve complex 
operational problems.

11.6 AUTOMATED SYSTEMS TO DETECT AND 
ANALYZE WELLS WITH OPERATIONAL PROBLEMS IN 
GAS LIFT FIELDS WITH A LARGE NUMBER OF WELLS 
(I-FIELD SOLUTION)
Each well should be troubleshoot after any of the following events: (1) 
the well is completed, (2) any workover job, or (3) a routine gas lift valve 
change out. Once the well has been analyzed and it has been concluded that 
its operation is acceptable, it is convenient to have a way of detecting when 
the well should be analyzed again. If there is a large number of wells in the 
field, it is not practical to analyze all wells individually because it might take 
too much time to detect if any well in particular is having an operational 
problem. Furthermore, the optimization team of engineers is usually not 
large enough to troubleshoot all wells one by one. It is necessary then to 
have an automated method of detecting which wells should be troubleshoot 
and, additionally, have a computerized procedure to perform an in-depth 
analysis of the well’s current operational status to quickly and accurately 
find the root of the problem.

The basic parameters that should be measured (on a routine basis) and com-
pared to previously established target values for a particular well are: liq-
uid production, injection gas flow rate, formation gas/liquid ratio, total gas/
liquid ratio, water cut, and injection and production wellhead pressures and 
temperatures. These measurements should be done continuously to have 
early warnings of any operational problem. If any of these measurements 
exceeds the maximum limit or drops to values less than the established min-
imum limit, the well is automatically selected for additional analysis. These 
limits are imposed on each well after carrying out a complete analysis of the 
well’s operational conditions and it has been corroborated that the operation 



73911.6  Automated systems to detect and analyze wells

of the well is satisfactory; however, operational conditions are continuously 
changing and, eventually, all wells will be subjected to further analysis: the 
water cut can increase, the reservoir pressure might decline, gas lift valves 
can fail, etc.

Several of the many causes that can affect the value of each of the param-
eters mentioned in the last paragraph and make them fall below or above 
acceptable levels are presented in Section 11.3. A short list of the most im-
portant of these causes is condensed in this section as follows:

j The total gas/liquid ratio is probably the most significant parameter 
to be monitored for a well on gas lift. If this ratio is too high, it is 
probable that too much gas is being injected. Overinjection could 
be causing a decrease in liquid production. Nodal analysis must be 
performed to determine if the well really needs the gas flow rate being 
injected. It is possible that the reservoir pressure has decreased or the 
formation gas/liquid ratio is increasing and it is no longer necessary to 
inject gas at current levels.

j An abnormal injection gas flow rate could point to a choke in the 
flowline, a plugged or eroded surface gas injection control valve, or a 
damaged gas lift valve.

j Water cut is a parameter that can change very rapidly. As soon as the 
water cut increases, the well should be analyzed to determine if it is 
economically feasible to continue to produce the well or if some kind 
of chemical treatment or workover job should be done.

j A very high wellhead production pressure could be due to a restriction 
in the flowline, such as: (1) flowline too long or with a very small ID, 
(2) bent or smashed flowline, (3) too many unnecessary restrictions in 
the flowline such as chokes or choke housings, (4) paraffin, asphaltene, 
carbonates, or sand depositions, or (5) high separation pressure, among 
others.

j A very high or very low gas injection pressure could indicate leaks 
in the gas injection line, an annular-tubing communication, hole in 
the casing, a damaged gas lift valve, or gas lift design not suitable for 
current operational conditions.

Initial massive monitoring and troubleshooting computer programs were 
used to simply detect when one, or several, of the parameters previously 
described increased above or dropped below pre-established values and to 
carry out rudimentary calculations like identifying the point of injection in 
a very simple manner.

Recently, advanced “troubleshooting expert systems” have been developed 
to perform more profound analyses of current operational conditions of 
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each well, identify complex operational problems and their possible causes, 
determine the economical impact of different lines of action that could 
be taken for each well (assigning a priority level to every well, based on 
the severity of the problem and the economical impact and costs of each 
possible solution), and give explanations to the users on how the different 
conclusions were reached so that these expert systems can also be used as 
training tools. These troubleshooting expert systems may or may not use 
neurological networks and have been put to use as part of a “global optimi-
zation systems” that usually have the following components:

j An automated massive data acquisition and control subsystem that 
measures, transmits, and stores the values of all the important well and 
field parameters and performs local control actions on some of these 
parameters. The variation in time of each parameter can be reviewed 
by the optimization personnel as “tendency curves.” These subsystems 
can use statistical algorithms to estimate if a particular measure should 
be discarded or considered to be in error so that its value is given very 
little weight in the decision making process. The minimum data that 
should be gathered for each well consists of: wellhead gas injection 
and production pressures and temperatures, gas injection flow rate, 
water and oil production rates (from the last well test), and bottomhole 
flowing pressure and temperature (if available). The troubleshooting 
expert systems need to have access to PVT and completion data, 
valves’ depths and calibration data, and all the information required 
to generate the IPR curve of each well. The publications presented by 
Abdallah et al. (2010) and Shnaib et al. (2009) are examples of recent 
applications where these data acquisition and production optimization 
systems are used.

j A central analysis unit executes computer programs to perform tasks 
such as determining if the gas lift valves are opened or closed, finding 
the possible value of the downhole flowing pressure, performing nodal 
analysis, building liquid production versus gas injection flow rate 
curves, etc. Each well has a steady-state model that is used to predict 
the liquid flow rate from the field data. Every time a new well test is 
performed, the well model is calibrated following a predetermined 
procedure that might include the determination of the best suitable 
multiphase flow correlation and the productivity index of the well. If 
the calibration process requires changing well parameters (like the 
productivity index) above or below a certain percentage (established by 
the users) of their current values, the well should be manually analyzed 
by the optimization engineer. Wells might be tested once or twice 
a month. During the days in which the well is not tested, the daily 
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liquid production can be estimated from the last calibrated well model 
using nodal analysis (based on the current operational conditions, 
such as the injection pressure and flow rate). Daily liquid production 
(for production back allocation purposes) can also be estimated from 
the so-called “virtual flow rates” methods (also known as virtual flow 
rate meters). These methods depend on current field measurements 
to predict the liquid flow rate using a mathematical correlation or a 
simple, data-based, curve. For example, the pressure drop across a 
surface choke can be used in conjunction with a choke flow correlation 
(and the gas/liquid ratio) to find the liquid flow rate. There can be many 
virtual flow rate meters (depending on the amount of data available 
for a given well). The troubleshooting expert systems can analyze the 
deviation of each meter to detect measurement errors or estimate which 
parameter (like the water cut or the gas/oil ratio) is changing.

j A knowledge data base with dozens or hundreds of possible cases, 
previously identified by gas lift experts as possible causes of 
operational problems. The number of cases in the data base can 
increase as gas lift experts identify new ones for a particular field. Each 
case is described by a set of attributes, which are given by the gas lift 
experts. For example, a tubing-annulus communication could have 
the following attributes, which together help identify this particular 
problem: (1) gas is injected into the well, even though valve mechanic 
equations indicate that none of the valves installed in the well should 
be opened; (2) injection and production pressures fluctuate; or (3) the 
well produces liquid, etc. Some of these attributes might be common to 
many different cases.

j A program that compares the value of each attribute with the well’s 
current operational conditions. The real situation of the well is reflected 
in the values of the attributes that distinguish each case. These values 
were gathered from the automated data acquisition system and from 
the results of especial algorithms used to perform nodal analysis, solve 
gas lift valve mechanic equations, virtual flow rates, etc. The program 
then gives a list of all possible problems the well could have, assigning 
a value to each problem that identifies it as “highly probable”, 
“probable,” “less probable,” and so on. The program shows the values 
of the attributes that were responsible for assigning a certain level of 
relevance to each case and it also explains different lines of action the 
operator could take to solve the problem. In this sense, the program 
acts as an operational guide to less experienced optimization personnel, 
serving as an important training tool. The program can calculate the 
economical impact that the solution of the problem could have and, 
in this way, different levels of urgency could be assigned to each well 
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identified with some kind of problem. The program should be able to 
handle situations in which part of the data is missing or inaccurate and 
this could be achieved by: (1) organizing the data base as independent 
cases and not in a hierarchical way, and (2) defining the data base in a 
redundant fashion; one case could have many attributes that identifies 
that particular case. Each case could have more that 30 attributes 
and each of these attribute could have a higher or lower weighting 
factor for a particular case, as determined by the gas lift experts that 
generated the knowledge data base.

When an in-depth analysis is carried out, it is possible to detect problems 
that would otherwise go undetected for a long time. This is due to the fact 
that gas lift is a method for which it is not easy to detect situations where 
the lifting efficiency could be improved. A well can produce inefficiently 
for a long time, without showing signs of such inefficiencies. For other arti-
ficial lift methods, operational problems are usually catastrophic and easily 
detected. The use of expert systems in a massive way can quickly and ef-
fectively identify a large number of problems.

As it was stated earlier, the knowledge data base could be increased or 
modified as new results are being obtained in a particular field. But these 
modifications should be done in an orderly fashion and by the appropriate 
personnel so that the integrity of the knowledge data base could be pre-
served. One possible way of improving a knowledge data base could be 
achieved by taking the following steps:

j The optimization personnel electronically send their comments and 
evaluation of each result.

j The gas lift expert reviews each evaluation and determines if a new 
case should be added or if an existing case must be modified. This 
might require several communications, back and forth, between the 
expert and the optimization personnel to reach a final conclusion.

j The expert communicates with the computer system support team to 
modify the knowledge data base.

Finally, a word should be said about well dynamic models. Even though 
they are not thoroughly developed yet, these models could be used in the 
future (as part of troubleshooting expert systems) to troubleshoot wells with 
instability problems or to predict some operational problems that might 
arise while trying to unload a well. These models could also be used to 
perform gas lift designs (for mandrel spacing and unloading gas lift valve 
calculations). Dynamic well models are highly sophisticated computer pro-
grams, capable of predicting the behavior in time of a well that produces 
in a stable or unstable manner. These programs use energy, momentum, 
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and mass conservation equations, together with closure laws and transient 
heat transfer models. They are capable of predicting when the reservoir can 
produce or receive liquids to or from the production tubing. It is possible 
that, as the liquids are displaced from the annulus during the unloading 
process, the bottomhole pressure gets higher than the reservoir static pres-
sure and the formation begins to take liquids. This could induce a complex 
multiphase flow, in which some gas could be produced up the tubing while 
liquids travel down towards the formation. These dynamic models are be-
ing constantly improved and even though much more work needs to be 
done, they will someday constitute the principal tool to troubleshoot and 
design gas lift wells. As indicated in chapter: Design of Continuous Gas 
Lift Installations, the work done by Pothapragada (1996), and Tang (1998) 
are two examples of the pioneer analytical models that were used to pre-
dict the dynamic behavior of gas lift wells. Today, several commercially-
available computer programs can be used to troubleshoot unstable wells, 
design the unloading procedures of strong wells to avoid damaging unload-
ing gas lift valves, predict the well’s response in case of an emergency 
compressor shutdown to avoid venting lift gas in the low pressure side of 
the gas lift system, etc.

11.7 TROUBLESHOOTING EXAMPLES
Different analyses of the operation of several wells are presented in this 
section. The liquid production is either all the time continuous or it is con-
tinuous during specific periods of time followed by time intervals in which 
the production goes down to zero. Gas injection might be continuous or 
intermittent but if the liquid production is continuous, the troubleshooting 
techniques explained in the chapter should be applied instead of using the 
techniques designed for intermittent gas lift that are explained in chapter: 
Intermittent Gas Lift Troubleshooting.

11.7.1 Example #1: continuous liquid production and 
gas injection; injection point might be plugged
Input data:

Vertical well; reservoir static pressure: 875 psig; 29°API oil gravity; 
water cut: 0%; formation gas/liquid ratio: 2375 scf/STB; casing: 
7-in. × 26-lb/ft.; production tubing ID: 2.441 in.; top of perforations’ 
depth: 4037 ft.; packer depth: 3721 ft. The well has one nitrogen-
charged, IPO unloading valve, and an 8/64-in. orifice valve at the point 
of injection (Table 11.1).
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The well’s production was 240 STB/D, with an injection gas flow rate of 
250 Mscf/D and a wellhead production pressure of 60 psig. The formation 
gas/liquid ratio of 2375 scf/STB seems to be too high (for the area where 
the well is located) and it is advisable to check its value at the test separator. 
Fig. 11.65 shows the completion of the well. The problem is that the injec-
tion pressure of 1070 psig is too high because it can open the unloading 
valve. As shown in Fig. 11.65 and in Table 11.2, calculations do show that 
the unloading valve could be opened.

The results shown in Table 11.2 correspond to the case in which the produc-
tion pressure is calculated as if all the gas is injected through the first (shallow-
est) valve. As can be seen in Fig. 11.65, the injection pressure is large enough 
to have gas injection through the unloading and the orifice valves. However, 
the gas mass balance indicates that the gas flow rate should be much higher if 
the gas is injected through both points. In fact, the entire measured gas flow 
rate can be handled by the orifice valve with only 815 psig at injection point 
depth and not with the 1181 psig pressure calculated from the actual surface 
injection pressure.

Table 11.1 Valves Installed in the Well

Depth (ft.) Valve
Port or Orifice ID 
(1/64 in.)

Design Opening 
Pressure (psig) Ptr (psig)

2242 NM-14R 16 1050 990
3653 DKO-2 8 — —

Ptr = test rack opening pressure.

■■ FIGURE 11.65 Well completion and results of troubleshooting calculations, example #1.
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Even though the production pressure was calculated assuming that the gas is 
injected only through the unloading valve, the pressure gradient below this 
point of injection is very similar to the pressure gradient above it because 
of the large formation gas/liquid ratio. Therefore, the impact of injecting all 
the gas through the lower point should not be too great. A downhole pres-
sure survey corroborated this point, but unfortunately the temperature was 
not measured and therefore it could not be confirmed if the gas was being 
injected through more than one point. Table 11.3 shows the result of the 
pressure survey.

The low bottomhole flowing pressure in the table indicates that the produc-
tion should not increase in a considerable way if all the gas was injected 
through the orifice.

The measured gas flow rate is much lower than the gas flow rate that can 
pass through the orifice for the given operational conditions. This could be 

Table 11.2 Results of Troubleshooting Calculations (Valve “1” is the 
Unloading Valve and Valve “2” is the Operating Orifice Valve)

Valve Valve 1 Valve 2

Injection pressure at valve’s depth calculated from the 
measured injection pressure (psig).

1139 1181

Tubing pressure at valve’s depth (psig). 157 249
Annular injection pressure at valve’s depth to pass the 

measured gas flow rate if each valve was an orifice (psig).
211 815

Valve’s closing pressure calculated using valve mechanic 
equations and calibration data (psig).

965 0

Valve’s opening pressure calculated using valve mechanic 
equations and calibration data (psig).

1117 0

Gas flow rate the valve could pass if it was an orifice 
(Mscf/D)

1416 360

Table 11.3 Results of the Downhole Flowing Pressure Survey
Depth (ft.) Pressure (psig)

0 81.0
500 97.0
1000 106.0
1500 116.6
2192 135.0
3603 202.8
3703 209.4
4037 227.8
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due to a restriction in the orifice or inaccurate measurements of either the 
gas flow rate or the injection pressure. The actions that should be taken are:

j Check the accuracy of the injection gas flow rate and injection pressure 
measurements.

j If the gas flow rate is in fact very large and this flow rate is causing the 
current high injection pressure, a nodal analysis should be performed to 
calculate the injection gas flow rate the well requires.

j If the measured gas flow rate is correct, then either the orifice valve is 
plugged or there is some other type restriction and it is not possible to 
inject gas into the tubing unless the injection pressure is high enough to 
open the unloading valve:
❏ In this case, the casing should be vented to get rid of any debris that 

is blocking the gas flow and if this does not work, the orifice valve 
should be replaced with another one with an orifice of the same 
diameter.

❏ If the problem persists after replacing the orifice valve, it might 
be possible that the mandrel’s ports are too closed to the casing 
or there is any other problem that cannot be solved with simple 
actions taken at the surface.

It is important to note that the mandrel at the point of injection does not have 
recessed ports as required for deviated wells (Figs. 6.19 and 6.20a), so that 
any inclination the well might have could be causing the mandrel to lean 
against the casing at exactly its gas entrance ports. Because in this well the 
formation gas/liquid ratio is high, gas injection can take place through 
the upper mandrel alone as long as the reservoir pressure is high enough 
for the well to produce liquids, but eventually the gas restriction problem (if 
it is real) will need to be solved.

11.7.2 Example #2: Fluctuating Injection Pressure 
and Continuous Liquid Production
Well data:

Vertical well; reservoir static pressure: 1093 psig; 26°API oil gravity; 
water cut: 3%; formation gas/liquid ratio: 1222 scf/STB; injection gas 
flow rate: 261 Mscf/D; casing: 7 in. × 26 lb/ft.; tubing ID: 2.441 in.; 
top of perforations’ depth: 6320 ft.; packer depth: 6134 ft. The well has 
three nitrogen-charged, IPO valves (Table 11.4).

Even though the injection pressure pattern corresponds to an intermittent 
gas lift well, the well is trouble shoot (in an approximate way) as a continu-
ous gas lift well because the liquid production at the test separator fluctuated 
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but never dropped down to zero. As it is revealed by the calculation’s results 
shown below, the intermittent pressure pattern might be due to the second 
valve opening and closing at regular time intervals as a consequence of the 
high injection pressure. The wellhead production pressure was very high all 
the time (compared to the average production wellhead pressures for that 
particular field). This production pressure oscillated from approximately 
140 to 300 psig. This high production pressure value was due to a ½-in. 
diameter choke that, for some reason, was installed at the wellhead. The 
injection pressure is high enough to open the second and third valves.

The daily gas volume injected to the well, calculated from the volume of gas 
injected per cycle (based only on the spread of the valve shown in the chart) 
times the number of cycles in one day, is much lower than the gas flow rate 
measured at the surface. This also points to the fact that the well is produc-
ing on continuous gas lift with most of the gas injected through the deepest 
valve. The volume of gas per cycle is calculated from the valve’s opening 
and closing pressures using the equations for intermittent gas lift given in 
chapter: Design of Intermittent Gas Lift Installations. Fig. 11.66 shows the 
behavior of the wellhead pressures and the pressure–depth diagram showing 
the calculated downhole pressures. The surface injection pressure shown in 
the chart should be multiplied by 1.5 while the production pressure does 
correspond to the scale in the chart.

The results of the downhole pressure and flow rate calculations shown in 
Fig. 11.66 and in Table 11.5 were reached using the following data: water 
cut 3%, injection gas flow rate 261 Mscf/D, liquid production of 154 STB/D, 
wellhead pressure of 140 and 300 psig (the production pressure along the 
tubing was calculated for both surface wellhead pressures and gas injected 
through the deepest point of injection as a rough approximation), injection 
pressure of 950 and 1050 psig (the injection pressure along the annulus was 
calculated for the minimum and maximum injection pressures recorded at 
the surface). For the calculation of the valve’s opening and closing pressures, 
the surface tubing pressure was assumed to be 300 psig. The Hagedorn and 
Brown correlation was used to calculate the production pressure along the 
tubing (with the purpose of having a rough approximation of the production 

Table 11.4 Valves Installed in the Well

Depth (ft.) Valve
Port Diameter 
(1/64 in.)

Design Opening 
Pressure (psig) Ptr (psig)

2346 R-20 12 1100 1035
4255 R-20 12 950 900
6057 R-20 12 885 835
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tubing pressure to be used in the valve mechanic equation, which is accept-
able in this case because the valves are IPO valves with small seats).

The following can be said from these results:

j The second valve’s closing pressure is approximately equal to the 
minimum injection pressure at valve’s depth. Any injection pressure 
fluctuation could open the second valve.

j The injection pressure is high enough to keep the third (deepest) valve 
open all the time.

j The calculated gas flow rate is much higher than the measured gas flow 
rate at the surface. It is possible that the gas flow rate measurement is 
not correct.

■■ FIGURE 11.66 Wellhead pressure chart and pressure–depth diagram showing results 
from calculations.

Table 11.5 Pressure Calculation Results for Wellhead Production Pressure of 300 psig and Wellhead 
Injection Pressure of 950 psig, Example #2
Valve Valve 1 Valve 2 Valve 3

Injection pressure at depth calculated from the measured surface pressure (psig) 1013 1063 1109
Tubing pressure at depth (psig) 500 659 810
Injection pressure in the annulus at valve’s depth to pass the measured gas flow 

rate if the valve was an orifice valve (psig)
565 710 854

Valve’s closing pressure calculated using the valve mechanic equations and the 
calibration data (psig)

1184 1070 1026

Valve’s opening pressure calculated using the valve mechanic equations and the 
calibration data (psig)

1211 1086 1035

Gas flow rate the valve could pass if it was an orifice valve (Mscf/D) 0 0 677
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The first recommended action is to verify the injection and produced gas 
flow rate measurements. The reason why the well has a ½-in. choke installed 
at the wellhead must also be investigated with other teams and remove it 
if possible. The liquid flow rate should increase if the choke is removed. 
The injection gas flow rate must be adjusted so that the second valve would 
not open.

The rather rudimentary calculation procedure explained in this example is 
the best that can be done. More sophisticated analyses would be worthless in 
this case because the data to build the IPR curve is not reliable.

11.7.3 Example #3: time intervals of continuous gas 
injection and liquid production followed by time 
intervals in which the liquid production and the gas 
injection flow rate drop to zero
Well data:

Vertical well; static reservoir pressure: 823 psig; 22°API oil gravity; 
water cut: 6%; formation gas/liquid ratio: 10,000 scf/STB; casing 
diameter: 7-in. × 23 lb/ft.; Tubing ID: 2.441 in.; top of perforations’ 
depth: 6610 ft.; packer depth: 6400 ft. The well has 4 nitrogen-charged, 
IPO gas lift valves (Table 11.6).

Fig. 11.67 shows the wellhead pressure chart.

Even though the surface injection pressure behaved as if the well was pro-
ducing on intermittent gas lift, the well is analyzed using continuous gas 
lift troubleshooting techniques because in one part of the cycle, where the 
injection pressure is more or less stable, the gas injection into the tubing and 
the surface liquid production were indeed continuous.

The current injection pressure level indicated that it was only the fourth 
(deepest) valve that was opening and closing. Using an average tubing pres-
sure, it can be determined if any of the unloading valves were opened or 
closed (assuming that they are in good working condition).

Table 11.6 Valves Installed in the Well

Depth (ft.) Valve
Port Diameter 
(1/64 in.)

Design Opening 
Pressure (psig) Ptr (psig)

1786 N-14R 16 1000 952
3435 N-14R 16 954 901
4922 N-14R 16 912 856
6340 N-14R 16 808 757
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The behavior of the wellhead pressures can be interpreted as follows (this 
behavior can only be understood after doing the calculations shown below 
and not by just looking at the pressure chart).

The peak (maximum) injection pressure should correspond to the 
fourth valve’s surface opening pressure (the kink or sharp peak is an 
indication of a valve opening and not just throttling the gas flow). This 
maximum pressure then declines at a rate that is too high for a normal 
continuous gas lift pressure fluctuation, but too low for an efficient 
intermittent gas lift operation (the liquid slug velocity would be too 
slow). At this time, the gas flow rate entering the tubing is greater 
than the gas injected into the annulus at the surface because the fourth 
valve’s seat diameter is too large. Then, 14 min after the fourth valve 
opened, the injection pressure began to decline at a much slower pace 
(keeping the surface gas injection pressure fluctuating but almost 
constant) because the valve was operating in throttling flow so that the 
gas flow rate into the tubing was just slightly greater than the gas flow 
rate at the surface. At the same time, the well was producing liquids 
and the wellhead production pressure stabilized (at a slightly higher but 
more or less constant value) and remained that way for approximately 
20 min. During this time, the well produced on continuous gas lift. 
Finally, the gas injection pressure dropped below the fourth valve 
closing pressure and it closed. As soon as the valve closed, the 
injection pressure began to increase eventually opening the fourth valve 
again to start a new production cycle.

The data used for troubleshooting calculations were: Water cut of 6%, 
formation gas/liquid ratio of 10,000 scf/STB, injection gas flow rate of 
309 Mscf/D, liquid production of 60 STB/D, and average wellhead produc-
tion pressure of 95 psig. The Duns and Ros correlation was used to cal-
culate the production pressure along the tubing. The production pressure 

■■ FIGURE 11.67 Wellhead pressure chart for example #3.
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calculated in this way is only a rough approximation because the liquid 
flow rate is not constant and an average liquid production is used in the 
calculations; however, the valves are IPO valves, so that the error made in 
the production pressure calculation has a very little impact on the valve’s 
opening and closing pressures calculated from the calibration data, the well 
current operational conditions, and valve mechanic equations. On the other 
hand, it would be totally wrong to use intermittent gas lift troubleshooting 
techniques because the initial column length (calculated from the average 
liquid production and the number of cycles per day) will just be too large. 
Continuous gas lift analysis gives in this case a reasonable idea of where the 
point of injection might be.

Fig. 11.68a shows the results of the calculations made for an injection pres-
sure of 800 psig, which is thought to be the fourth valve’s surface clos-
ing pressure (as identified in the chart of Fig. 11.67). As can be seen in 
Fig. 11.68a, the fourth valve’s opening pressure is greater than the injec-
tion pressure at valve’s depth, so there is a good chance that it is indeed 
the fourth valve that is opening and closing while all the unloading valves 
remain closed.

Fig. 11.68b shows the results of the calculations made for a gas surface 
injection pressure of 840 psig, which is thought to be the fourth valve’s 
surface injection opening pressure (as identified in the chart of Fig. 11.67). 
Even though this pressure does not exactly coincide with the opening pres-
sure of the fourth valve, it is greater than, but very close to, the opening 
pressure of this valve.

■■ FIGURE 11.68 Pressure–depth diagram showing results from calculations using (a) surface 
injection pressure = 800 psig; (b) surface injection pressure = 840 psig.
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As can be noticed in Fig. 11.68, a surface injection pressure of 840 psig 
is high enough to open the fourth valve only. The operational problem is 
caused by the fact that the surface injection gas flow rate is less than the gas 
flow rate the fourth valve allows to pass once it is opened. This is due to the 
low liquid production (which keeps the tubing pressure at a small value) 
and the diameter of the valve’s seat of 16/64 in., which is too large for the 
injection gas flow rate the well actually needs. A temporary solution could 
be to increase the gas flow rate to keep the fourth valve from closing, but 
this will introduce an unnecessarily high injection gas/liquid ratio and might 
open the third unloading valve. More sustainable solutions could be: (1) to 
install an operating valve with a smaller seat diameter, or (2) to produce the 
well on intermittent gas lift because the reservoir pressure is sufficiently 
low for the given injection point depth to implement this method with the 
use of gas lift pilot valves (for which the closing pressure does not need to 
be as high as the current closing pressure of the fourth valve). Before imple-
menting any solution, the formation gas/liquid ratio measurement must be 
verified because it looks too high. Nodal analysis should also be performed 
to determine the injection gas flow rate the well requires for current condi-
tions and if a smaller production tubing string could be installed in the well 
to keep it operating on continuous gas lift.

11.7.4 Example #4: well’s responses to different 
choke diameters after a workover job
Well data:

Vertical well; reservoir static pressure: 1485 psig; 26°API oil 
gravity; water cut: 4%; formation gas/liquid ratio: 4000 scf/STB; 
7-in. × 23 lb/ft. casing; tubing ID: 2.441 in.; top of perforations’ depth: 
4700 ft.; packer depth: 4590 ft. The well had two nitrogen-charged, 
IPO valves (Table 11.7).

A workover job has just been performed on the well and Fig. 11.69 shows 
the way the well responded to different (successively installed) wellhead 
production chokes:

Table 11.7 Valves Installed in the Well

Depth (ft.) Valve
Port diameter 
(1/64 in.)

Design opening 
pressure (psig) Ptr (psig)

2683 R-20 12 1100 995
4530 R-20 12 998 925
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In Fig. 11.69a and b the well was producing with a continuous gas injec-
tion and the only difference is the production wellhead pressure, which 
was equal to 160 psig for a 12/64-in. choke and 140 psig for a 16/64-in. 
choke. In both cases, the gas injection flow rate was approximately equal to 
100 Mscf/D and the well was producing approximately 100 STB/D.

In Fig. 11.69c, the choke size was of ½ in. and the injection gas flow rate 
was about the same as for the previous charts, but the deepest valve began to 
intermit and the production dropped to 26 STB/D. The same behavior is ob-
served in Fig. 11.69d but with lower production pressure peaks. Fig. 11.69e 
corresponds to the well without a choke and the production pressure peaks 
were very small in this case.

It was decided to estimate the production pressure under the operational 
conditions in Fig. 11.69e assuming “continuous” flow because of the fol-
lowing reasons:

j The production cycle consists of two parts: one period of time in 
which no gas is injected into the tubing because all valves are closed 
and another period in which gas is injected but the well actually 
produces on continuous gas lift because the gas flow rate that enters 
the tubing is very low (because of the reduced diameter of the 
operating valve) for intermittent gas lift operation and therefore the 
injection time is much greater than the time required for intermittent 
gas lift.

j Because the depth of the operating valve is 4530 ft. and the injection 
time period lasts for approximately 22 min, the liquid slug velocity 
could be as low as 200 ft./min, which is 5 times slower than the 1000 ft./
min recommended for intermittent gas lift. But a rough estimation, 
using equations for intermittent gas lift, indicates that all the volume of 
gas required to lift the liquid slug to the surface (with this low gas flow 
rate) might be injected after only 11 min from the moment the gas lift 
valve opens. This gives a velocity of a little more than 400 ft./min,  

■■ FIGURE 11.69 Wellhead pressures for different wellhead production choke sizes 
(inches).



754 CHAPTER 11 Continuous gas lift troubleshooting

which is still very low (half of the time in which the gas lift valve 
is opened is spent lifting the liquid slug to the surface and, for the 
remaining time, gas injection and liquid production are done in a 
continuous fashion). This low liquid slug velocity and the effect of 
the large tail gas volume make it impossible to estimate the liquid 
fallback losses. The wellhead production pressure also reveals that 
liquid production begins soon after the gas lift valve opens and the well 
continues to produce liquids while the gas lift valve remains opened.

j Because the valves are IPO gas lift valves (with rather small diameter 
seats), any error in the estimation of the production pressure is not 
going to have a great impact on the calculation of the opening and 
closing pressures of these valves.

The operational conditions for the following calculations were: water cut of 
4%, injection gas flow rate of 166 MPCD, liquid production of 26 STB/D, 
and a wellhead production pressure of 60 psi.

Fig. 11.70a shows the results of the calculations performed with a surface 
injection pressure of 930 psig and the results for a surface injection pres-
sure of 1010 psig are presented in Fig. 11.70b. It must be emphasized that 
the production pressures in these graphs are not the actual production pres-
sures, which in reality fluctuate.

Calculations then reveal that the deepest valve might be opening and clos-
ing while the unloading valve remains closed. The problem is that the gas 
flow rate that the gas lift valve allows to pass is greater than the gas flow 
rate injected at the surface. Troubleshooting the well as if it was produc-
ing on intermittent gas lift will not be reliable because of the impossibil-
ity of determining the liquid fallback losses. The production of the well 

■■ FIGURE 11.70 Troubleshooting calculation results with (a) surface injection pressure = 930 psig and (b) surface injection 
pressure = 1010 psig.
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is, in reality, an extremely inefficient intermittent gas lift operation. The 
recommended action to take is to install an operating valve with a smaller 
port diameter and calibrated at a lower opening pressure. In this case, it 
is not recommended to shift to intermittent gas lift because the reservoir 
pressure is still high enough for an efficient continuous gas lift operation.

11.7.5 Example #5: continuous gas injection but the 
well does not produce liquids
Well data:

Vertical well; static reservoir pressure: 930 psig; 15°API oil gravity; 
water cut: 5%; 7-in. × 23 lb/ft. casing; tubing ID: 2.992 in.; top of 
perforations’ depth: 3305 ft.; packer depth: 3167 ft. The well had only 
one nitrogen-charged, IPO unloading valve and an orifice valve at the 
point of injection with an orifice diameter of 20/64 in. (Table 11.8).

The well was producing 159 STB/D with an injection gas flow rate of 
416 Mscf/D, but its production declined to zero with approximately the 
same injection gas flow rate and a surface injection pressure of 480 psig. 
With a static reservoir pressure of 930 psig, a wellhead pressure of 40 psig, 
and a liquid pressure gradient of 0.42 psi/ft., the static liquid level would 
be at 1185 ft. below the wellhead. This means that the static liquid level 
is above the unloading valve and, therefore, even if the gas injection point 
depth is as high up in the well as this unloading valve, the liquid flow rate 
should be greater than zero. There might be then either a tubing-annulus 
communication above the static liquid level or the reservoir static pressure 
is in reality smaller and, for some reason, the unloading valve is opened. 
But, after applying the calculation techniques explained in Section 11.4.3 
for wells circulating gas (no liquid production) the following results were 
reached for the unloading valve:

j If there is a hole in the tubing at the depth of the unloading valve its 
size would be of 12/64 in.

j If the unloading gas lift valve is in good conditions but it is opened 
because of lower temperatures, its closing and opening pressures would 
be of 785 and 924 psig, respectively. Because the injection pressure is 
lower, the unloading valve should be closed.

Table 11.8 Valves Installed in the Well

Depth (ft.) Valve
Port Diameter 
(1/64 in.)

Design Opening 
Pressure (psig) Ptr (psig)

1711 CM1-BK 16 1050 992
3089 DKO-2 20 — —
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j If the unloading valve was damaged (flat) and behaving like an orifice 
valve, its upstream pressure would only need to be equal to 303 psig to 
pass the reported injection gas flow rate.

These calculations point to the fact that the unloading valve should not be 
opened. The well’s total depth was measured and it was found that the per-
forations were covered with sand; therefore, that was the reason the well 
was not producing any liquids and the gas could indeed had been injected 
through the orifice valve at 3089 ft. of depth. Calculations made at the ori-
fice valve revealed that with the reported surface injection pressure, the in-
jection gas flow rate should have been much higher. It is probable that either 
the gas flow rate and/or the injection pressure were not accurately measured. 
The actual injection pressure could have been lower or the actual gas flow 
rate could have been higher. A tubing-annulus communication would have 
been discarded by a communication test.

It was recommended to clean the well with nitrogen injection using coiled 
tubing. In places where sand accumulation at the bottom of the well hap-
pens very frequently, optimization engineers usually check very quickly 
the total depth of the well using wireline tools whenever the production 
of the well shows a steep decline because sand accumulation is usually 
the cause of the problem. However, wireline operations must always be 
performed after an analysis, such as the one presented in this example, 
has been completed to substantiate a well intervention (no matter how 
simple the wireline job might be). If the wireline operation is approved, 
the engineer should take advantage of the wireline intervention to carry 
out additional simple wireline tasks such as tagging the liquid level or 
verifying the drift diameter of the production tubing with the tubing gauge 
or paraffin cuter that are normally used to gauge the tubing string inside 
diameter or remove paraffin. Tubing gauges should always be used prior to 
any wireline job. See Fig. 6.38 for the description of several wireline tools.

11.8 GAS LIFT TROUBLESHOOTING GUIDE
11.8.1 Well is flowing and takes gas (stable gas injection and liquid production)

Symptoms: Liquid production lower 
than expected/injection pressure 
lower than unloading valves’ open-
ing pressure/moderate to high 
injection gas flow rate.

Cause: Gas lift unloading valve 
below the static liquid level with 
seat diameter too large for current 
operational conditions.

Verification/remedy: 
Troubleshooting calculation 
for valves at low temperatures/
increase injection gas flow rate to 
reach deeper valves or change out 
gas lift valves with adequate seat 
diameters.
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Symptoms: Liquid production lower 
than expected/high and stable 
injection pressure/injection gas flow 
rate neither too high nor too low in 
comparison to predicted unloading 
requirements/wellhead production 
pressure as expected and no signs 
of high production pressure (like 
increase in water cut).

Cause: Unloading valve with seat 
diameter too small and the well 
cannot unload to the next deeper 
valve.

Verification/remedy: 
Troubleshooting calculations 
for continuous gas lift/increase 
(temporarily) injection gas flow 
rate to try to transfer to the next 
deeper valve or change out gas 
lift valves.

Symptoms: Very high injection gas 
flow rate (compared to what the 
well actually needs)/very high 
injection pressure that can be stable 
or unstable.

Cause: Surface injection gas flow 
rate set too high.

Verification/remedy: Confirm 
with troubleshooting analysis 
for continuous gas lift wells to 
determine if more than one valve 
are currently open/lower the 
surface injection gas flow rate.

Symptoms: Reduced liquid 
production and high wellhead 
production pressure/stable gas 
injection/injection pressure might 
or might not be moderately high.

Cause: Surface production restric-
tion.

Verification/remedy: Check if the 
flowline is smashed or bent or if 
there are too many restrictions 
at the wellhead or flow line. 
Check if there are valves partially 
closed at the wellhead or at the 
flow station. Check if the flowline 
is too long or its diameter too 
small. Check if there are solid 
depositions in the flow line. Check 
the separator’s back pressure 
regulator or any restriction at the 
gas outlet of the separator.

Symptoms: Current gas lift design is 
not suitable for current operational 
conditions (liquid production too 
large or too small).

Cause: Undefined production zone: 
well with one production tubing 
string and several production 
zones (isolated by casing–tubing 
packers).

Verification/remedy: Detect actual 
production zone by running 
temperature surveys/open and 
close the right circulating sleeves 
or repair the completion in case 
they are damaged.

Symptoms: High and stable injection 
pressure/reduced liquid produc-
tion/gas flow rate set at its designed 
value.

Cause: Gas lift mandrel not suited for 
deviated wells is leaning against 
the casing at the mandrel’s inlet 
ports, causing a restriction of the 
injection gas flow rate at the point 
of injection.

Verification/remedy: Confirm 
points of injection by CO2 injection 
or distributed temperature optic 
sensors/install completion with 
gas lift mandrels suitable for 
deviated wells.

Symptoms: Liquid production lower 
than the well’s potential/normal 
wellhead production pressure/high 
pressure drop along the production 
tubing (the point of injection might 
be higher than the point of injection 
by design creating a high surface 
injection pressure).

Cause: Production tubing diameter 
too small.

Verification/remedy: Perform nodal 
analysis with the tubing diameter 
as the outflow sensibility variable/
install larger diameter tubing if 
economically feasible.
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Symptoms: Injection pressure stable 
and below the valves’ closing 
pressures/low liquid production/
increase in the injection gas flow 
rate.

Cause: Unloading valve remains 
open because of dirt between the 
ball and the seat.

Verification/remedy: 
Communication test shows no 
tubing hole. Confirm injection 
depth with temperature survey or 
CO2 injection/vent the annulus to 
get the valve to close as expected.

Symptoms: Injection pressure stable 
and below the valves’ closing 
pressures/liquid production below 
well’s potential/the gas flow rate 
might be higher than its design 
value.

Cause: Flat valve. Verification/remedy: 
Communication test shows 
no tubing hole. Confirm with 
temperature survey or CO2 
injection/vent the annulus: (1) to 
get the valve to close as expected, 
or (2) to confirm that it is a flat 
valve.

Symptoms: High injection pressure/
reduction of the liquid production/
normal or lower than usual 
wellhead production pressure.

Cause: Plugged downhole point of 
injection.

Verification/remedy: Confirm 
with temperature survey or CO2 
injection/In marine environments 
or when using certain types 
of completions fluids, salt 
depositions could be the solids 
plugging the valve or keeping it 
open. In these cases, fresh water 
can be injected down the gas 
injection annulus. In some wells, 
iron sulfide (FeS) depositions 
that can plug gas lift valves are 
common. The best way to deal 
with these depositions is to inject 
water with special detergents or 
chemicals into the well.

Symptoms: Choke-control 
intermittent gas lift well is 
producing with a very high flow 
rate continuous injection and low 
injection pressure.

Cause: The pilot valve has failed 
open.

Verification/remedy: Troubleshoot 
the well for continuous gas lift/
change out gas lift valves.

Symptoms: Intermittent gas lift well 
with a surface intermitter has a very 
high and continuous injection gas 
flow rate/injection pressure is very 
high and constant.

Cause: Surface intermitter has failed 
open.

Verification/remedy: 
Troubleshooting calculations for 
continuous gas lift/fix surface 
intermitter.

Symptoms: Reduction of the liquid 
production and the injection 
pressure with a moderate increase 
in the injection gas flow rate (if 
there is no automatic control of 
the gas flow rate)/reduction of the 
wellhead production pressure/the 
well might start intermitting on its 
own.

Cause: Reservoir liquid flow rate has 
dropped due to any of the follow-
ing reasons: sand accumulation, 
drop of the reservoir pressure, or 
formation damage.

Verification/remedy: 
Troubleshooting calculations for 
continuous gas lift. Confirm with 
downhole flowing pressure and 
temperature survey (production 
pressure along the production 
tubing should be low). Verify well’s 
total depth/stimulate the well or 
get rid of the sand with coiled 
tubing nitrogen injection.
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Symptoms: Continuous and 
inexplicable decrease in the fluid 
production of the well/low wellhead 
production pressure/injection 
pressure at normal or moderately 
high values.

Cause: Scale deposition on the walls 
of the production tubing.

Verification/remedy: Confirm scale 
running wireline tubing gauge 
tools in the well, collect scale 
sample with wireline tools/inject 
appropriate chemicals to get rid 
of the scales. In case of paraffin 
deposition: inject hot oil or heat 
the injection gas.

Symptoms (In places where the gas 
flow rate control is not automated): 
Reduction of the surface injection 
gas flow rate/reduction of the 
injection pressure/reduction of the 
liquid production.

Cause: Plugged surface manual 
injection flow control valve or 
choke.

Verification/remedy: Vent gas line/
installed gas filters.

Symptoms: Large liquid production/
high and stable injection pressure 
(injecting through an unloading 
valve).

Cause: Well’s inflow potential larger 
than expected.

Verification/remedy: 
Troubleshooting calculations for 
continuous gas lift/confirm high 
productivity running a downhole 
pressure and temperature 
survey/optimize gas injection 
or redesign the gas lift valves to 
meet unexpected large liquid 
productions.

11.8.2 Well is flowing and takes gas (unstable gas injection and liquid 
production)

Symptoms: Unstable operation/
high injection pressure peaks 
corresponding to unloading valves 
opening pressures/well-defined 
injection pressure peaks/liquid 
production lower than expected.

Cause: Unloading valve with large 
area ratio that causes valve 
interference.

Verification/remedy: Approximate 
troubleshooting calculations 
for continuous gas lift/increase 
injection gas flow rate to reach 
deeper valves or change out gas 
lift valves with adequate area 
ratios.

Symptoms: Liquid production lower 
than expected/injection pressure 
high and unstable with well-defined 
injection pressure peaks/injection 
gas flow rate neither too high nor 
too low in comparison to predicted 
unloading requirements.

Cause: Gas lift valve with small 
diameter seat that causes multiple 
points of injection.

Verification/remedy: Approximate 
troubleshooting calculations 
for continuous gas lift/increase 
injection gas flow rate to reach 
deeper valves or change out gas 
lift valves with adequate seat 
diameters.

Symptoms: Liquid production lower 
than expected/production heading/
high and unstable injection 
pressure/well flows in continuous 
gas lift but in cycles followed by 
periods of time with no liquid 
production.

Cause: Valve closes because of 
higher than expected dome 
temperatures.

Verification/remedy: Approximate 
troubleshooting calculations for 
continuous gas lift/change out gas 
lift valves with adequate test-rack 
calibration pressures.
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Symptoms: Unstable injection gas 
flow rate/high frequency injection 
pressure fluctuations

Cause: Hydrate generation at the 
surface injection flow control 
valve.

Verification/remedy: Perform 
compositional analysis of the 
injection gas in order to get the 
hydrate and dew point curves and 
determine if hydrate generation 
is possible/prevent hydrate 
generation.

Symptoms: Fluctuating injection 
pressure at the wellhead due to no 
apparent reason.

Cause: Fluctuation of the gas lift 
system’s pressure.

Verification/remedy: Install surface 
pressure control valves (if the 
well’s operating injection pressure 
is lower than the minimum 
manifold pressure) and use 
abandoned wells to increase the 
storage volume of high injection 
lift gas, or use PPO gas lift valves 
to stabilize the well’s operation.

Symptoms: Liquid production in 
batches (heading)/variable injection 
gas flow rate/unstable injection 
pressure with large difference 
between the highest and lowest 
injection pressure not comparable 
to the spread of any gas lift valve.

Cause: Tubing hole below the 
reservoir static liquid level.

Verification/Remedy: Confirm 
with communication tests and 
sounding devices to measure the 
annular liquid level fluctuations 
or use temperature measurement 
with fiber optic distributed 
temperature sensor to determine 
the depth of the communication/
install packoff completion or 
replace tubing.

Symptoms: Instability of the injection 
and production pressures due to 
no apparent causes/stability is 
achieved at very large injection gas/
liquid ratios.

Cause: Production tubing diameter 
too large for current operational 
conditions.

Verification/remedy: Confirm 
with nodal analysis and stability 
checks/replace production tubing 
with a smaller diameter pipe or 
install velocity strings.

Symptoms: Very high injection gas 
flow rate (compared with what the 
well actually needs)/very high and 
unstable injection pressure.

Cause: Surface injection gas flow 
rate set too high, causing an upper 
unloading valve to open and close 
(multipointing).

Verification/remedy: Confirm with 
approximate troubleshooting 
analysis for continuous gas lift 
wells to determine if more than 
one valve is currently open/lower 
the surface injection gas flow rate.

Symptoms: Low surface gas flow 
rate/unstable and moderately low 
surface injection pressure with 
high pressure peaks that might be 
well-defined or not/reduced liquid 
production.

Cause: Surface injection gas flow 
rate set too low.

Verification/remedy: Confirm 
intermittent injection at the 
injection point depth by 
troubleshooting analysis for 
continuous or intermittent gas lift 
(depending if the liquid and gas 
flow rates at the separator indicate 
that the production is truly 
intermittent or not), or measure 
the downhole temperature with 
fiber-optic cable (distributed 
temperature sensor)/increase the 
surface injection gas flow rate.
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Symptoms: High wellhead pressure/
production and injection headings/
the water cut has been increasing/
reduced liquid production.

Cause: Emulsions. Verification/remedy: Take liquid 
production samples at the 
wellhead to check for emulsions/
inject demulsifying chemicals 
with the injection gas or directly 
into the flowline (if that is all that 
is needed), or force the injection 
gas to be injected intermittently 
at high frequency (if the reservoir 
pressure is high).

Symptoms: Current gas lift design is 
not suitable for current operational 
conditions (liquid production too 
large or too small, temperature 
problems, instabilities, etc.).

Cause: Undefined production zone: 
well with one production tubing 
string and several production 
zones (isolated by casing–tubing 
packers).

Verification/remedy: Detect actual 
production zone by running 
temperature surveys (use fiber-
optic distributed temperature 
sensors if the well’s production 
is unstable)/open and close the 
right circulating sleeves or repair 
the completion in case they are 
damaged.

Symptoms: Erratic behavior of the 
injection gas flow rate/recognizable 
patterns of the differential pressure 
on the gas measurement charts if 
orifice plates are used to measure 
the injection gas flow rate.

Cause: Failure of the internal 
components of the surface control 
valve.

Verification/remedy: Repair surface 
gas injection flow control valve.

Symptoms: High and unstable 
injection pressure/reduced liquid 
production/gas flow rate set at its 
designed value.

Cause: Gas lift mandrel not suited for 
deviated wells is leaning against 
the casing at the mandrel’s inlet 
ports, causing a restriction of the 
injection gas flow rate at the point 
of injection (the injection pressure 
increases and an upper unloading 
valve is opening and closing).

Verification/remedy: Confirm 
points of injection with distributed 
temperature optic sensors/
change production tubing/install 
completion with gas lift mandrels 
suitable for deviated wells.

11.8.3 Well is only circulating the injection gas (well takes gas but does not 
produce liquids)

Symptoms: Well not flowing/injection 
pressure moderately lower than 
expected and stable/slightly higher 
injection gas flow rate.

Cause: Gas lift valve above 
the static liquid level with 
seat diameter too large 
for current operational 
conditions.

Verification/remedy: Troubleshooting 
calculation for valves at low temperatures/
increase injection gas flow rate to reach 
deeper valves or change out gas lift valves 
with adequate seat diameters.

Symptoms: Well not flowing/high 
injection gas flow rate/low and 
stable injection pressure.

Cause: Tubing hole above 
the reservoir static liquid 
level.

Verification/remedy: Confirm with 
communication tests or temperature 
measurement using fiber-optic distributed 
sensor or CO2 gas injection/install packoff 
completion or replace production tubing.
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Symptoms: Well not flowing/high 
injection gas flow rate/low and 
stable injection pressure/low 
wellhead temperature (condensate 
water drops at the wellhead).

Cause: Annulus-tubing 
communication at the 
wellhead.

Verification/remedy: Conduct 
communication test/repair completion.

Symptoms: Very high injection gas 
flow rate (compared with what 
the well actually needs)/very 
high injection pressure/no liquid 
production.

Cause: Surface injection gas 
flow rate set too high.

Verification/remedy: Confirm with 
troubleshooting analysis for continuous 
gas lift wells with no liquid production 
to determine if more than one valve are 
currently open/lower the surface injection 
gas flow rate.

Symptoms: High and stable injection 
pressure/no liquid production/gas 
flow rate set at its designed value.

Cause: Gas lift mandrel not 
suited for deviated wells 
is leaning against the 
casing at the mandrel’s 
inlet ports causing a 
restriction of the injection 
gas flow rate at the point 
of injection.

Verification/remedy: If injection is stable, 
confirm points of injection by CO2 injection 
or distributed temperature optic sensors. 
If injection is unstable, confirm points of 
injection only with distributed temperature 
optic sensors/install completion with 
appropriate gas lift mandrels.

Symptoms: Injection pressure stable 
and below the valves’ closing 
pressures/no liquid production/
increase in the gas flow rate.

Cause: Unloading valve 
above reservoir static 
liquid level remains open 
because of dirt between 
the ball and the seat.

Verification/remedy: Communication test 
shows no tubing hole. Confirm injection 
depth with temperature survey or CO2 
injection/vent the annulus to get the valve 
to close as expected.

Symptoms: Injection pressure stable 
and below the valves’ closing 
pressures/no liquid production/
increase in the gas flow rate.

Cause: Flat valve above 
reservoir static liquid 
level.

Verification/remedy: Communication 
test shows no tubing hole. Confirm with 
temperature survey or CO2 injection/vent 
the annulus: (1) to get the valve to close as 
expected, or (2) to confirm that it is a flat 
valve.

Symptoms: Intermittent gas lift well 
with a surface intermitter has a very 
high and continuous injection gas 
flow rate/injection pressure is very 
high and constant.

Cause: Surface intermetter 
has failed open.

Verification/remedy: Troubleshooting 
calculations for continuous gas lift with no 
liquid production/fix surface intermitter.

Symptoms: No liquid production, 
reduction in the injection pressure 
with a moderate increase in the 
injection gas flow rate (if there is no 
automatic control of the gas flow 
rate)/reduction of the wellhead 
production pressure.

Cause: Reservoir liquid 
flow rate has dropped 
due to one of the 
following reasons: sand 
accumulation, drop of 
the reservoir pressure, or 
formation damage.

Verification/remedy: Troubleshooting 
calculations for continuous gas lift with no 
liquid production. Confirm with downhole 
flowing pressure and temperature survey 
(production pressure along the production 
tubing should be low)/stimulate the well 
or get rid of the sand with coiled tubing 
nitrogen injection.

Symptoms: Very low wellhead 
injection pressure/very high gas 
flow rate/well does not flow (liquid 
and gas production are reduced to 
zero).

Cause: Rupture of the 
surface gas injection line 
somewhere between the 
injection manifold and 
the wellhead.

Verification/remedy: Close the injection 
valve at the wellhead, downstream of the 
connection of the injection pressure sensor, 
while leaving the injection manifold valve 
open: if the injection pressure does not 
increase, the hole is somewhere between 
the well and the injection manifold/close 
the injection valve at the injection manifold/
locate gas leak and repair the gas line.
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11.8.4 Well is not flowing and does not take gas

Symptoms: Very high injection 
pressure (equal to line pressure) and 
the well does not take injection gas/
liquid production equal to zero (if 
the well cannot produce on natural 
flow).

Cause: Tail plug failure (the dome 
pressure increased to very high 
values) or an error was made 
calibrating the valve at the test 
rack or it is a design error.

Verification/remedy: 
Troubleshooting calculations 
indicates that the injection 
pressure is high enough to open 
the valve and overcome the 
production pressure. Make sure all 
surface valves (and the subsurface 
safety valve) are opened/change 
out gas lift valves.

Symptoms: Injection pressure reaches 
full line pressure but the well’s 
unloading operation cannot be 
started (the well does not take gas).

Cause: The well cannot be unloaded 
because the injection pressure is 
not large enough to overcome the 
production pressure at the “first” 
(shallowest) unloading valve.

Verification/remedy: 
Troubleshooting analysis indicates 
that the injection pressure is 
lower than required. Make sure all 
surface valves (and the subsurface 
safety valve) are opened/inject 
high pressure gas down the 
production tubing to lower the 
liquid level, unload the well to 
a pit, swab or circulate the well 
with light fluids, flowback the 
well with coiled tubing nitrogen 
injection, temporarily close nearby 
wells to increase the manifold 
injection pressure, or install a new 
completion with an appropriate 
mandrel spacing.
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12
Intermittent gas lift troubleshooting

12.1 INTRODUCTION
Many of the operational and analytical tools that are available for trouble-
shooting wells on intermittent gas lift are presented in the chapter. As it is 
the case for continuous gas lift, the primary objective is to find the point, or 
points, of gas injection in the well; however, it is not enough to determine 
that the point of injection is indeed the one stipulated in the design and that 
the operating gas lift valve is working properly. The analysis should also 
identify:

j If the cycle time corresponds to the optimum cycle time (which is the 
one that maximizes the daily liquid production of the well).

j If the volume of gas injected per cycle and its instantaneous gas flow 
rate into the tubing are adequate to minimize the liquid fallback losses.

Regarding the volume of gas injected per cycle, it is important to mention 
that to be able to apply many of the analytical techniques that are explained 
in this chapter for intermittent gas lift, the gas injection into the tubing 
should be properly implemented. The instantaneous gas flow rate into the 
tubing, as well as the total volume of gas injected per cycle, should be ad-
equate for the intermittent gas lift method to be efficient:

j The instantaneous gas flow rate into the tubing should allow the liquid 
slug velocity to be close to 1000 ft./min. If the liquid slug velocity 
is less than 800 ft./min, the fallback losses would be too large and 
difficult to predict. To have an idea of the slug velocity, it is only 
necessary to know the depth of the operating gas lift valve (which is 
usually a pilot valve in wells designed for intermittent gas lift) and 
measure the time between the opening of the operating gas lift valve 
and the liquid slug arrival at the surface. A practical way of measuring 
the time taken by the liquid slug to reach the surface is presented in 
Fig. 12.2.

j The actual volume of gas injected per cycle should be measured and 
compared to its required value estimated from the energy balance 
procedure explained for intermittent gas lift design in chapter: Design 
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of Intermittent Gas Lift Installations. If the injected volume of gas 
per cycle is less than its required value, it is highly probable that the 
liquid slug would not reach the surface or that the liquid fallback losses 
would be too high and very difficult to estimate.

Many times and for many unexpected reasons, wells that have been de-
signed for continuous gas lift operate in an intermittent fashion; therefore, it 
is important that the optimization personnel be properly trained for intermit-
tent gas lift design and troubleshooting even if the wells in their particular 
field would never be good candidates for intermittent gas lift. For example, 
any continuous gas lift well with an injection-pressure-operated valve in-
stalled at the point of injection will start intermitting if the surface gas flow 
rate is reduced to values that would make the injection pressure drop below 
the injection closing pressure of the operating gas lift valve.

A good physical understanding of the intermittent gas lift method is re-
quired, not only for accurate troubleshooting analyses, but also to be able to 
identify cases in which some, or all, of the troubleshooting techniques for 
intermittent gas lift do not apply. These cases are briefly presented in this 
introduction, but they are analyzed at greater depths in the next sections.

j Gas injection might appear to be intermittent when in reality liquid 
production and gas injection are both continuous. This can be easily 
detected by looking at the behavior (in time) of the liquid flow out of the 
test separator (or its liquid level behavior if the test separator is operated 
by a dump valve) and the total gas flow rate at the test separator. This 
situation usually takes place in overinjected wells, where one or several 
unloading valves are intermittently opening and closing, while gas is 
continuously being injected through the operating valve or orifice.

j Another confusing case takes place when the well is continuously 
producing liquid but the gas injection is truly intermittent. This 
frequently happens when the gas injection cycle frequency is very 
high and the volume of gas injected per cycle is less than the volume 
required to individually produce the liquid slug all the way up to 
the surface. This high injection frequency can be intentionally 
implemented to avoid emulsion or foam generation, or in wells with 
highly viscous fluids. In these cases, the reservoir pressure should be 
high enough for this technique to work.

j It is also possible that the well produces on a continuous fashion, but 
only during short time periods, followed by intervals in which the liquid 
production completely ceases, see Example #3 in Section 11.7.3. This 
case is identified as such if the gas injection periods are very long and the 
instantaneous gas flow rate through the operating gas lift valve is very 
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small so that the slug velocity is very slow, causing high liquid fallback 
losses impossible to be precisely estimated. Under these conditions, 
troubleshooting the well using the equations given in the chapter is wrong 
because the calculated liquid column length would probably be too long.

If the liquid level inside the separator (with a dump valve control) is con-
stantly rising or the measured liquid flow rate in never zero (if the test sepa-
rator is operated with a liquid level control), it is possible that the well is 
indeed producing in a continuous fashion even if the surface gas injection 
is performed intermittently (or appears to be that way). However, when this 
happens, it is important to verify that a valve from another well at the flow 
station is not leaking liquids toward the test separator. To look for leaking 
valves at the flow station, close all valves connecting the wells to the test 
separator (including the well that is going to be tested) so that all wells are 
directed to the main production separators at the flow station. If the liquid 
level inside the test separator is still increasing (in a separator with dump 
valve system to measure the liquid production) or the liquid production is 
never equal to zero (if the test separator liquid level is being controlled at a 
fixed level and the instantaneous liquid flow rate is being measured), there 
must be then one or several valves leaking toward the test separator.

As indicated in chapter: Continuous Gas Lift Troubleshooting for continuous 
gas lift, intermittent gas lift troubleshooting is also a very complex task that 
is not always possible to accomplish because of lack, or poor quality, of the 
required data. The first step in troubleshooting a well consists of gathering as 
much information as possible from the field and from the well’s file. The fol-
lowing is a list of required data for troubleshooting wells on intermittent gas lift:

j Behavior of the wellhead production and injection pressures: If the 
way in which these pressures fluctuate in time is not known, it is not 
possible to do a troubleshooting analysis of a well on intermittent gas 
lift. Knowing the wellhead pressures, the surface injection opening and 
closing pressures of the gas lift valve can be determined, as well as the 
cycle time, the time interval in which the gas lift valve remains opened, 
the liquid column generation time, and the average liquid slug velocity. 
But knowing all of these parameters is not enough, it is important to 
analyze this information to determine if in reality intermittent gas lift 
is possible from the assumed point of injection and, if that is the case, 
to establish if the intermittent gas lift method is fully optimized as 
indicated at the beginning of this introduction.

j Total liquid and gas production: At least one well test should be 
performed with the current gas injection frequency. Changes in liquid 
level (or liquid flow rate) and gas flow rate at the test separator are as 
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important as the total daily liquid production. The surface injection 
pressure could give the impression that gas is being injected in an 
intermittent fashion into the tubing, when in reality there might be 
a constant point of injection together with another point of injection 
that is opening and closing at regular intervals, as has already been 
expressed earlier. Continuous liquid production is easily detected if 
the liquid level in the separator (with dump valve control) is constantly 
rising (or the liquid flow never drops to zero if the tests separator 
is operated with a liquid level control) and the total gas flow rate 
(measured at the exit of the test separator) is always considerably 
greater than zero. The total gas flow rate can be measured by means 
of especial devices that integrate the pressure signals from the orifice 
plate. This integration is particularly difficult for wells on intermittent 
gas lift, but it gives important qualitative information.

j Fluid properties: such as oil specific gravity, formation gas/oil ratio, 
bubble-point pressure, water cut, and the specific gravities of the 
injection and formation gas. If a three-phase test separator is not 
being used, it is important to take fluid samples from points at the 
wellhead or the flowline where the flow is highly turbulent to collect 
representative fluid samples or to know if the well is producing any 
liquid at all. With the water cut and the oil API gravity, the pressure 
gradient of the liquid column that is generated on top of the operating 
gas lift valve can be calculated and the tubing pressure at valve depth 
(when it opens) can be established. The injection gas specific gravity 
is needed to calculate the injection pressure at valve’s depth from 
the measured surface injection pressure. It is also important to know 
the humidity of the injection gas because it might be responsible for 
hydrate generation problems at the surface gas injection choke (not 
uncommon for choke-control intermittent gas lift wells that require 
very long cycle times). It should also be established if the injection gas 
has solid particles or debris that might plug the entrance ports of the 
pilot valve or get its piston stuck, leaving the pilot valve open with a 
very high gas flow rate. It is recommended that the operating valve for 
intermittent gas lift wells be a pilot valve instead of a single-element 
valve. Unfortunately, pilot valves can fail in many different ways, as 
described in Section 10.4.

j Reservoir data: static reservoir pressure and effective productivity 
index (defined in chapter: Design of Intermittent Gas Lift Installations 
as the average productivity index within the range of practical 
application of the IPR curve for intermittent gas lift, which goes from 
very low bottomhole flowing pressures at the beginning of the slug 
generation period to approximately 40–50% of the static reservoir 
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pressure at the time the pilot valve opens). The effective productivity 
index can be determined from the analysis of flowing pressure 
surveys (especially designed for intermittent gas lift) explained in 
Section 12.3. The effective productivity index can also be determined 
from a troubleshooting analysis, as long as the instantaneous gas flow 
rate and the volume of gas injected per cycle are the ones needed to 
achieve small liquid fallback losses. Once the static reservoir pressure 
and the productivity index are known, the optimum cycle time and the 
maximum daily liquid production can be calculated from Eqs. 10.23 
and 10.19, respectively.

j Well completion data: casing ID, tubing ID and OD, tubing inclination 
angle, packer depth, types and depths of gas lift valves (including area 
ratios, seat diameters, and calibration pressures), the length and inside 
diameter of the gas injection line (from the injection manifold, or from 
wherever the surface flow control choke or the intermitter is located, to 
the wellhead), and the length and inside diameter of the flowline from 
the wellhead to the separator or production header. It is also important 
to inspect the wellhead to see if there are unnecessary restrictions that 
might slow down the liquid slug and cause very large liquid fallback 
losses. If a choke in the flowline is absolutely necessary (maybe 
because the separator is too small to handle the liquid slugs and/or the 
tail gas being produced), it should be installed far from the wellhead at 
a distance greater than the length of the liquid slug being produced.

j Sometimes especial data are required for extraordinary troubleshooting 
analysis, such as: (1) a complete evaluation of a new completion (like 
accumulation chambers or simple accumulators), (2) the implementation 
of the intermittent gas lift method for the first time in a given gas lift 
field, or (3) serious instabilities problems caused by tubing-annulus 
communications, valve interference, etc. Under these circumstances, 
field tools and techniques should be used: flowing temperature and 
pressure surveys, communication tests, distributed temperature 
measurement along the tubing using optical fibers, or the use of sonic 
devices to determine the liquid level in the annulus, among others.

12.2 ANALYSIS OF THE OPERATION OF WELLS 
WITH INTERMITTENT GAS INJECTION
The necessary analyses to troubleshoot wells in which the gas injection is 
performed intermittently are presented in the section. The reader is advised 
to review the concepts given in chapter: Design of Intermittent Gas Lift 
Installations on the theory of intermittent gas lift to fully understand the dif-
ferent troubleshooting techniques presented in the chapter.
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12.2.1 Wells that should not be analyzed 
as intermittent gas lift wells
Different cases for which intermittent gas lift troubleshooting analytical 
techniques should not be used (even if gas injection is indeed intermittent) 
given in the introduction of the chapter are now described in detail in the 
section. As previously indicated, the optimization personnel should be ca-
pable of recognizing these cases so that no wrong conclusions are made that 
could lead to actions that will not solve the problem in the well. In many of 
these situations, the use of continuous gas lift troubleshooting techniques is 
also wrong but they might provide a better approximation to what might be 
going on in the well and how to fix the problem.

The injection pressure might look as if the well is on intermittent gas lift, but 
in reality one of the following alternatives could be taking place:

j There are two points of injection in which one valve is opening and 
closing at regular intervals while the other is opened all the time. 
If surface controllers are used, this situation is easily detected by 
inspecting the two-pen wellhead pressure charts as explained in this 
chapter, see Figs. 12.26i and j. On the other hand, in choke-control 
intermittent gas lift, it is more difficult to detect if there are more than 
just one point of injection because the surface injection pressure pattern 
might look exactly like a perfect intermittent gas lift operation when, in 
reality, one of the following possibilities is taking place:
❏ With injection-pressure-operated gas lift valves

– An unloading valve with a small port diameter fails to open, 
but the injection pressure is high enough to reach the operating 
valve or any other valve below the damaged valve. As soon as 
the lower valve (in good working condition) is uncovered, the 
gas flow rate through this valve and the upper damaged valve 
is greater than the gas flow rate being injected at the surface so 
that the annular pressure drops and the valve in good condition 
closes while injection gas continues to pass through the upper 
damaged valve. When the lower valve is closed, the gas flow 
rate at the surface is greater than the gas flow rate through 
the damaged valve, thus the annular pressure increases to 
eventually initiate gas injection through the lower valve again, 
beginning a new injection cycle through this lower valve.

– Gas overinjection through the operating gas lift valve makes 
the annular pressure increase so that an upper unloading valve 
in good condition opens. Once the upper valve opens, the total 
gas flow rate through both gas lift valves is greater than the gas 
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flow rate injected into the annulus at the surface, therefore, the 
annular pressure drops and the upper unloading valve (in good 
working condition) closes. But once gas injection through the 
operating valve alone is reestablished, the gas flow rate at the 
surface is greater than the gas flow rate through the operating 
valve and the annular pressure begins to increase to open the 
upper valve again, repeating the injection cycle through this 
upper valve.

– An inadequate gas lift design, in which an unloading valve 
with a large seat causes valve interference. Due to its large area 
ratio, the unloading valve surface closing pressure is less than 
the surface closing pressure of the lower valve. Once the lower 
valve is uncovered, the upper valve does not close so that gas 
will be injected through two points of injection. The gas flow 
rate through both valves is greater than the gas flow rate into 
the annulus at the surface so that the annular injection pressure 
drops and the lower valve closes while the upper one remains 
open. When the lower valve closes, the annular pressure begins 
to rise because now the gas flow rate through the upper valve is 
less than the surface gas flow rate. The annular pressure keeps 
increasing until the lower valve opens again and gas injection 
through it is restored to start a new injection cycle through this 
valve.

❏ With production-pressure-operated valves:
– An upper valve fails open and, due to its reduced seat diameter, 

the injection pressure does not drop in a considerable way 
and the lower valve can be reached. Once the lower valve is 
uncovered, either the production pressure drops to values less 
than the lower valve’s opening pressure or the injection pressure 
at the lower valve becomes less than the production pressure 
at this lower valve and, in any of these two cases, gas injection 
through the lower valve ceases for a period of time in which 
the injection pressure begins to increase, eventually reaching 
an injection pressure greater than the production pressure at the 
lower valve or the production pressure (which is also increasing 
due to lack of lift gas through the lower valve) increases to open 
the lower valve again.

– Once the lower valve is uncovered, the production pressure 
at the upper valve’s depth (in good condition in this case) 
does not drop to the upper valve’s closing pressure because 
it was calibrated for lower liquid flow rates. With two points 
of injection, the injection pressure at the lower valve drops 
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to values less than its production pressure and the injection 
through that valve ceases for a period of time in which the 
injection pressure rises again to repeat the injection cycle 
through the lower valve.

j Continuous gas lift wells with operating valves in throttling flow. The 
operating gas lift valve first opens wider and then it tries to close (but 
never actually closing). This cycle repeats itself periodically with a gas 
flow rate that fluctuates but that never drops down to zero. This case is 
further analyzed later, after the injection-gas mass balance equations 
are described; see the explanation given for Fig. 12.1.

j Wells with a very high gas injection frequency (truly intermittent gas 
injection) that are in fact producing liquids in a continuous fashion 
as explained in the introduction of the chapter. This case is also 
further analyzed later, after injection-gas mass balance equations are 
described.

j Well with a very high gas injection frequency that are not producing 
any liquids. In this case, the volume of gas injected per cycle is so 
small that it simply bubbles through the liquids and escapes to the 
surface. This happens in wells with very low reservoir pressure and 
large diameter tubing or in wells that have not been fully unloaded.

j Wells that produce on continuous gas lift for a very short period of 
time, followed by a time interval in which the gas injection stops 
and no liquids are produced for a while and these cycles repeat 
continuously This is analyzed in Example 3, Section 11.7.3.

Wells with more than one point of injection are easily identified by the fact 
that the total gas flow rate at the test separator’s gas outlet is always much 
larger than zero. In some rare cases, however, it is possible that the total gas 
flow rate never drops to zero because there is a second formation (different 
from the one that produces most of the liquids) with a slightly higher reser-
voir pressure that is always producing formation gas into the tubing.

With more than one injection point, the liquid production could be continu-
ous (although it might be fluctuating but never dropping to zero, see for 
example Fig. 11.57), equal to zero, or truly intermittent with well-defined 
liquid slugs produced to the surface at regular intervals. The latter case 
takes place, for example, when the point of injection that is always opened 
is located above the static liquid level and the volume of gas that is inter-
mittently being injected through the lower injection point is large enough 
to lift the liquid slugs to the surface; however, in this case the point through 
which the gas is continuously injected might also be below the static liquid 
level but all the liquid comes from the lower point of injection because the 
gas flow rate through the upper point is not large enough to produce any 
liquid.
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When there are several points of injection, the force–balance equation usu-
ally indicates that there might be more than one valve opened. If doing a 
troubleshooting analysis is too difficult because there are many gas lift 
valves installed in the well and it is suspected that there are several valves 
opened at the same time, these points of injection can be identified by mea-
suring the temperature along the tubing using fiber optics as explained in 
Section 11.5.7. The injection points correspond to the places where the cool-
ing effect of the injection gas can be appreciated.

When there is more than just one point of injection, the volume of gas in-
jected per cycle calculated by dividing the total surface daily injection gas 
flow rate (through the surface choke or flow control valve) by the number of 
cycles per day, is much larger than the volume of gas due only to the injec-
tion pressure reduction (from the opening to the closing injection pressure 
of the intermitting gas lift valve) of the annulus and the injection line (down-
stream of the choke) every time the intermitting valve opens or is uncovered. 
Before explaining in greater details some of the cases for which many of 
the intermittent gas lift troubleshooting analytical techniques do not apply, 
several injection-gas mass balance equations are presented. These equations 
are, by themselves, tools that help the production engineer identify which 
additional analytical techniques, if any, can be used to troubleshoot the well.

As explained in chapter: Design of Intermittent Gas Lift Installations, in choke-
control intermittent gas lift the volume of gas injected per cycle into the tubing 
is equal to the volume of gas that comes from lowering the pressure in the an-
nulus and in the injection line (downstream of the surface choke or gas injection 
control valve) plus the gas that is injected through the surface choke while the 
subsurface pilot valve is opened. It is important to know the volume of gas in-
jected per cycle because it represents the “starting point” of any troubleshooting 
analysis. If the volume of gas injected per cycle is less than its required value 
to lift the liquid slug to the surface (estimated from the energy balance equa-
tion) the liquid fallback losses might be so large and difficult to estimate that 
the productivity index cannot be calculated and, in consequence, the optimum 
cycle time cannot be estimated either. In this case, the only way of calculating 
the initial liquid column length is by using the force–balance equation for the 
pilot valve (for this calculation, the gas specific gravity and surface injection 
opening pressure should be accurately measured so that the gas injection pres-
sure at depth can be reliably estimated and used in the force-balance equation).

The volume of gas provided by the annulus, called vga, is calculated by 
subtracting the volume of gas that remains in the annulus right after the 
pilot valve closes, called vsc, from the volume of gas that is originally in 
the  annulus when the pilot valve opens, called vsa; therefore, vga = vsa − vsc. 
Volumes vga, vsc, and vsa are all expressed at standard conditions (scf).
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The number of moles n0 calculated at (a) “in situ conditions” must be equal 
to the number of moles expressed at (b) “standard conditions.” This number 
of moles is given by the following equations just before the pilot valve opens 
(at in-situ and standard condition, respectively):
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Where Vannular is the actual annular volume in cubit feet, zga,apert. is the aver-
age injection gas compressibility factor in the annulus when the pilot valve 
opens, Tgeoth.avr. is the average geothermal temperature along the well in °R, 
Ru is the universal gas constant, Pga,apert. is the average annular pressure in 
psia at the moment the pilot valve opens and it is given by:
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Where Pcso is the surface opening pressure in psia and Pcvo is the opening 
pressure at valve’s depth, also in psia, and it is equal to fg(Pcso), where fg is 
the gas factor used to find the pressure at depth from the surface pressure, as 
explained in chapter: Single-Phase Flow.

The annular volume occupied by the injection gas at standard conditions at 
the moment the pilot valve opens (vsa) can be calculated from Eqs. 12.1a and 
b by setting these expressions equal to each other.

In an identical way (as given earlier just before the valve opens), the number 
of moles nc left in the annulus just after the pilot valve closes is given by:
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Where zga,close. is the average gas compressibility factor in the annulus just 
after the pilot valve closes, Pga,close. is the average annular pressure just after 
the pilot valve closes and it is given by:
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Where Pcsc is the surface closing pressure; Pcvc is the closing pressure at 
valve’s depth and it is equal to fg(Pcsc). Pcsc and Pcvc are both expressed in 
psia. The volume of gas at standard conditions just before the valve closes 
(vsc) can be calculated using Eq. 12.3. The volume of gas provided by the 
annulus, vga, is then:

= −v v vga sa sc (12.5)

(a) n0=Pga,apert.Vannularzga,apert.R
uTgeoth.avr. and (b) n0=14.7 psia-

vsa1 Ru 520°R

Pga,apert.=Pcso+Pcvo2

nc=Pga,close.Vannularzga,close.RuTg
eoth.avr.=14.7psiavsc1Ru520°R

Pga,close.=Pcsc+Pcvc2

vga=vsa−vsc
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Expressions for vsa and vsc can be found from equations for the average geo-
thermal temperature, Tgeoth.avr., and the actual volume of the annulus, Vannular.

= + + °T
T T

R
2

460geoth.avr.
s dov

 
(12.6)

Where Ts is the surface temperature in °F, which in many cases can be ap-
proximated as 85°F; Tdov is the geothermal temperature at valve’s depth also 
in °F.

If Ba is the annular volumetric capacity in ft.3/Mft. and the valve’s depth Dov 
is given in Mft., then Vannular is:

=V D Bannular ov a (12.7)

Using Eqs. (12.1)–(12.4), (12.6), and (12.7), and assuming the surface tem-
perature to be equal to 85°F (545°R) the following expressions for vsa and 
vsc can be found:
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Following the same steps taken for the gas in the annulus and taking the 
surface temperature equal to 85°F (545°R), expressions for the gas volume 
(at standard conditions) stored in the gas injection line (from the choke to 
the wellhead) when the valve opens (vsa) and when the valve closes (vsc) can 
also be found:

=v .
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35 37

545
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sa
l

gl 
(12.10)
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35 37

545
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sc
l

gl 
(12.11)

Where zgl is the average gas compressibility factor in the gas injection line, 
Bl is the volumetric capacity of the gas injection line in ft.3/Mft., and L is the 
length of the gas injection line in Mft. The volume of gas supplied by the 
surface gas line at each cycle (vgl) is then:

= −v v vgl sa sc (12.12)

The volume of gas that enters the tubing per cycle, called vgsC, is equal to the 
sum of vga, vgl and the volume of gas that is injected at the surface through the 

Tgeoth.avr.=Ts+Tdov2+460°R

Vannular=DovBa

vsa=35.37BaDovPcso+Pcvo85+2460+
Tdovzga,apert.

vsc=35.37BaDovPcsc+Pcvc85+2460+
Tdovzga,close.

vsa=35.37BlLPcso545zgl

vsc=35.37BlLPcsc545zgl

vgl=vsa−vsc
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surface choke while the downhole pilot valve remains opened (called vge). As 
derived in the next section, the gas flow rate in Mscf/D through the surface 
injection choke (in case of choke-control intermittent gas lift) is equal to:
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Where Tcycle is the total cycle time in minutes and Tval is the period of time in 
which the pilot valve remains open (also in minutes). It is possible that Qgi 
does not have a constant value, but its fluctuations are usually very small, 
thus it is a good approximation to use its average value in Eq. 12.13. Then, 
the volume of gas that is injected at the surface while the pilot valve is 
opened, vge, is given in scf by:

=v T Q /1.44ge val gi (12.14)

The gas flow rate through the surface choke should not be confused with the 
instantaneous gas flow rate through the subsurface gas lift valve. The gas 
flow rate at the surface (in choke-control intermittent gas lift) is usually very 
small compared to the gas flow rate through the gas lift valve and this is the 
reason why the injection pressure drops once the pilot valve opens. This is 
not the case when surface controllers (intermitters) are used, for which the 
gas flow rate through the gas lift valve is less than, but comparable to, the 
surface gas flow rate into the annulus.

The volume of gas injected per cycle, vgsC, is equal to vga + vgl + vge. If there 
are two points of injection (one continuous and the other  intermittent) the 
volume of gas injected per cycle, vgsC, calculated using the equations just 
presented (mainly using the reduction of the injection pressure in the annu-
lus and surface gas line from the valve’s opening pressure to the valve’s clos-
ing pressure) is smaller than the volume of gas in scf calculated as 1000 Qgi/
(number of cycles per day); however, even though there might be only one 
point of injection, many times these two values of the volume of gas injected 
per cycle do not coincide because the gas flow rate continuously injected at 
the surface and/or the wellhead pressures are not properly measured. For 
example, sometimes the beta ratio of the actual orifice plate used to measure 
the gas flow rate is not known or there is an error in one or several of the 
following measurements: surface opening and closing pressures of the gas 
lift valve or the differential and static pressures at the orifice plate. Addition-
ally, as pointed out earlier, the liquid flow might indeed be intermittent even 
with multiple points of injection. The liquid level behavior in the separator 
is then not a conclusive evidence of having single or multiple points of in-
jection. The best way to definitely establish that there are multiple points of 

Qgi=vga+vglscfTcycle−Tvalmin1440 
min1 Day1 Mscf1000 scf

vge=TvalQgi/1.44
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 injection in intermittent gas lift operations is by verifying that the total gas 
flow rate at the exit of the separator is always much greater than zero.

As was previously mentioned, it is easy to see if there are several points of 
injection just by looking at the wellhead pressure pattern if surface control-
lers (intermitters) are used. With or without multiple points of injection, 
when surface controllers are used the volume of gas injected every time the 
controller opens is given by:

=v Q T /1.44Cgs gi on (12.15)

Where Qgi is the instantaneous gas flow rate at the surface gas flow meter in 
Mscf/D while the controller is opened and Ton is the period of time in which 
the controller remains opened (in minutes). If the surface gas flow rate Qgi is 
not constant, the volume of gas injected at the surface per cycle is given by:

∫=v
Q
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dt

1 44C

T

gs
gi

0
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(12.16)

With multiple points of injection (with one valve opening and closing while 
another is opened all the time), the volume of gas injected per cycle into the 
casing calculated using Eq. 12.15 or 12.16 is in part injected intermittently 
into the tubing and the rest is injected into the tubing in a continuous fash-
ion. So the total volume of gas injected intermittently into the tubing is less 
than the volume of gas calculated using Eq. 12.15 or 12.16.

Troubleshooting an intermittent well with multiple points of injection is ex-
tremely difficult to do and it is very hard to determine exactly which those 
injection points are. Usually, the conclusion of having multiple points of 
injection is reached because the force–balance equation predicts more than 
one valve being opened and the gas mass balance indicates that it is not pos-
sible to inject all the gas through only one of those valves suspected of being 
opened. Determining in which proportion the gas is being injected through 
each point of injection or knowing which valves correspond to these points 
of injection (especially for cases in which more than four or five valves 
are installed in the well) is very hard to do even with a downhole pressure 
survey. Continuous gas lift troubleshooting techniques explained in chapter: 
Continuous Gas Lift Troubleshooting could be used in these cases to ap-
proximately determine how the gas is being injected.

Continuing with the subject of wells that should not be analyzed with in-
termittent gas lift troubleshooting analytical techniques, continuous gas 
lift wells with the operating gas lift valve on throttling flow some times be-
have as if the wells were operating on intermittent gas lift. These cases are 
usually mistaken and analyzed with intermittent gas lift  troubleshooting 

vgsC=QgiTon/1.44

vgsC=∫0TonQgi1.44dt
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 equations that give wrong results. This point is presented in chapter: 
Continuous Gas Lift Troubleshooting and is analyzed here in more de-
tail. Fig. 12.1 shows a moderate instability in which the operating valve 
does not actually close. In this example, the gas lift valve is an injection-
pressure-operated valve. This behavior usually happens in wells that have 
been designed for continuous flow (with single-element gas lift valves in-
stead of pilot valves) when the reservoir pressure has dropped and the well, 
by it self, tries to produce on intermittent gas lift because the production 
pressure is now less than the production pressure the well had when the 
liquid production was larger. No well-defined, sharp pressure peaks are 
observed; instead, pressure peaks are rather rounded and this is the main 
feature that identifies this type of operational condition. The liquid produc-
tion is continuous and the gas lift valve operates in throttling flow without 
fully opening or closing. Another feature that helps identify this type of 
gas injection is the fact that the gas flow rate at the exit of the separator is 
always much grater than zero and its value is always fluctuating but these 
fluctuations are not very pronounced.

j When the production pressure drops, the valve tends to close 
because the production pressure plays a major role on the valve’s 
stem movement in throttling flow (this type of gas flow through a gas 
lift valve is described at the beginning of chapter: Gas Flow Through 
Gas Lift Valves). When the valve tends to close, the injection gas 
flow rate is restricted and this in turn causes two effects that try to 
stabilize the injection pressure fluctuations. Because the gas flow 
rate into the tubing decreases, the production pressure increases 
and this tends to open the valve wider again. On the other hand 
because the surface injection gas flow rate (into the annulus) is 
usually constant, when the gas flow rate into the tubing decreases the 

■■ FIGURE 12.1 Valve in throttling flow (it is never fully closed). Continuous gas 
injection and continuous liquid production.



77912.2  Analysis of the operation of wells with intermittent gas injection

injection pressure in the annulus increases and this also tries to open 
the valve wider. The valve then starts to open wider so the gas flow 
rate begins to increase and the production pressure begins to drop 
again to start a new cycle.

j The injection pressure can be stabilized by increasing the surface gas 
flow rate, but sometimes this cannot be achieved because, when the 
surface injection gas flow rate is increased, the injection pressure also 
increases and an upper unloading valve might open. The stabilizing 
effect due to the valve dynamic behavior would not be found if there 
was an orifice valve at the operating point or injection. Wells exhibiting 
this sort of behavior must be troubleshoot (in an approximate way) 
using continuous gas lift techniques. Even though it appears very 
simple, trying to model the dynamic behavior of a well under these 
circumstances is extremely hard to do because it implies coupling 
the transient response of the reservoir with the dynamic behavior of: 
the gas lift valve, the annular injection pressure, and the transient 
multiphase flow in the tubing. Due to the transient nature of the gas 
injection into the tubing, no multiphase flow correlation can be used 
to accurately calculate the production pressure along the tubing, 
although steady-state correlations can many times be used as a good 
approximation.

For a well with the wellhead pressure pattern shown in Fig. 12.1, as well as 
for wells with multiple points of injection, the volume of gas injected per 
cycle calculated as 1000 Qgi/(number of cycle per day) is not equal to the 
volume of gas injected per cycle, vgsC, calculated with Eqs. from 12.1 to 
12.14. The number of cycles in one day is equal to 1440/Tcycle, where Tcycle 
is the cycle time expressed in minutes per cycle. On the other hand because 
the liquid production is continuous, the liquid slug length per cycle cannot 
be calculated from the liquid production in Br/D, divided by the number of 
cycles in one day and the volumetric capacity of the tubing in Br/Mft. This 
would give very large liquid columns and any type of analysis using the 
intermittent gas lift theory would be wrong.

Some of the operational conditions that promote the type of throttling flow 
patter shown in Fig. 12.1 are: (1) large diameter of the production tubing, 
(2) high water cut, (3) very small high-pressure gas storage volume (an-
nulus plus the injection line downstream of the choke), (4) single-element 
gas lift valve with large port size, and (5) decline in the production tubing 
pressure.

Wells with a very high gas injection frequency (mentioned at the beginning 
of the section) are now discussed in greater detail. In these cases, the gas 
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injection is truly intermittent and through a single point of injection but 
the liquid production is continuous. This usually takes place in wells with 
high reservoir pressure. This is the case in which the gas lift method is most 
commonly (and wrongly) identified as a truly intermittent gas lift operation 
because the injection pressure pattern is identical to the one found in many 
truly intermittent gas lift wells. Fig. 11.47 shows a wellhead pressure chart 
with the typical wellhead pressure behavior for this type of operation. The 
features that help identify this operational condition are:

j Constant liquid production at the separator (although it can also be 
equal to zero or very small).

j The volume of gas injected per cycle is much less than the required 
volume to individually produce each liquid slug to the surface.

j The gas flow rate at the exit of the separator is always greater than 
zero because the formation gas is always being produced (although in 
smaller quantities).

j The volume of gas injected per cycle calculated by Eqs. 12.1–12.14 
does indeed correspond to 1000 Qgi/(number of cycles per day).

j If the liquid production is greater than zero, it usually takes place in 
wells with high reservoir pressures that might even be good candidates 
for continuous gas lift.

j The total cycle time is very short and the spread of the valve is very 
small (indicating a possible high tubing pressure or a very small valve 
area ratio).

The production engineer does not always have at his disposal the behavior 
of the liquid level inside the separator as a function of time (or the instan-
taneous liquid flow rate behavior in time at the outlet of the test separator 
if the liquid level is automatically controlled) and, without this informa-
tion, the only thing to do when confronted with high gas injection frequency 
wells is to calculate the volume of gas injected per cycle and compare this 
volume to the required volume (based on the energy balance equation) to 
produce the liquid slugs to the surface. This comparison would indicate that 
it is not possible to have an intermittent gas lift operation because the vol-
ume of gas injected per cycle is just too small. Because the gas injection is 
done through a single point of injection, the volume of gas intermittently in-
jected per cycle is indeed equal to 1000 Qgi/(number of cycles per day). The 
liquid slugs to be used in this comparison are calculated by simply dividing 
the daily liquid production by the number of cycles in one day and by the 
volumetric capacity of the production tubing.

Some of the reasons why very high gas injection frequency might occur are:

j A well with high reservoir pressure, designed to produce on 
intermittent gas lift, is unloaded with an inadequately small surface 
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injection gas flow rate. This surface gas flow rate might in fact be 
equal to the flow rate needed for the well after the unloading process 
is completed but because the liquid column is very large when the 
operating valve is uncovered, the spread of the valve (defined as the 
difference between the opening and closing pressures of the valve) 
becomes very small and, therefore, the volume of gas injected per cycle 
also becomes very small, thus the well begins to flow continuously 
with small liquid slugs distributed along the entire production tubing. 
The reduction in the spread of the valve is due to the high production 
pressure, which plays an important role in trying to open the valve: 
the higher the production pressure is, the lower the injection pressure 
needs to be to open the valve (which is an unbalanced injection-
pressure-operated valve that responds to both, the production and the 
injection pressure).

j If the reservoir pressure is low, the unloading problem discussed in 
the previous paragraph might also take place but in this case the liquid 
slug might never reach the surface because the static liquid level is 
too deep. It is also possible that the well with low reservoir pressure 
does produce on intermittent gas lift but the liquid slugs produced 
are considerably smaller than the initial ones at the bottom of the 
well. This is due to the large fallback losses caused by the low liquid 
velocities, which in turn are the results of a low injection pressure or 
gas volume injected per cycle. Under these conditions, the well should 
be troubleshoot using intermittent gas lift techniques but taking into 
account the fact that the fallback losses are very large and difficult to 
estimate. Usually, the valve force–balance equation should be used 
in these cases to calculate the initial slug length just before the valve 
opens; but for this calculation to be accurate, it is important to measure 
very precisely the surface injection opening pressure, the gas specific 
gravity, the water cut, and the oil API gravity.

  It is important to verify how the liquid level in the test separator (if 
the separator is controlled with a dump valve) or the liquid production 
out of the test separator (if the liquid level in the separator is controlled 
at a constant value) behaves in time to see if the production is truly 
intermittent or the well is producing on continuous flow. Usually the 
high gas injection frequency cases described so far are identified because 
the actual spread of the valve is much smaller than its design value. 
When this abnormally low spread takes place, it is many times possible 
to reestablish the correct operation of the well by temporarily injecting 
gas at a rate much greater than required under normal design conditions 
for the well. This large injection flow rate should be maintained until the 
spread of the valve becomes similar to its design value. After that time, 
the gas flow rate can be reduced back to its designed value and only 
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in few cases the well begins to load up with liquids again, for which it 
becomes necessary to change the operating valve with another one with 
a larger area ratio or a higher opening pressure. This point is analyzed in 
an example in Section 12.5, see Fig. 12.27.

j There are gas lift fields producing viscous fluids in which, by design, 
the gas lift injection is intermittent while maintaining a continuous 
liquid production. As in the previous cases, very small volumes of gas 
are injected per cycle at a very high frequency. This technique has, in 
many occasions, been able to reduce lift gas consumption because it 
avoids foam generation or keeps the gas velocity from becoming much 
greater than the liquid velocity. To produce a well in this manner, it 
is important that the reservoir pressure be sufficiently high because 
the flowing bottomhole pressure is large under this type of flow. This 
technique is difficult to design and highly inefficient. A better option 
might be to produce these wells on a different artificial lift method, but 
there are gas lift fields in which only a small number of wells are heavy 
oil producers and it becomes economically possible to produce them 
on gas lift by taking advantage of the gas lift surface facilities already 
installed (as long as the number of wells is only a small fraction of the 
total number of wells).

j When operational conditions promote the formation of emulsions, 
some operators also design their wells as explained in the previous 
paragraph (continuous liquid production and high frequency 
intermittent injection). This reduces the emulsion problem because 
it avoids the turbulence that continuous gas injection creates, which 
promotes and helps stabilize water-in-oil emulsions.

To finish the list of cases in which it is not possible to apply many of the 
available analytical troubleshooting techniques, it is important to mention 
that there might be wells with irregular or chaotic surface gas injection fluc-
tuations. This might happen for one of the following reasons:

j Hydrate formation.
j Pilot valve malfunction.
j Failures in some of the internal components of the surface gas injection 

control valve.
j Variations of the gas lift system pressure.
j Inadequate gas lift design for current operational conditions, such as 

high water cuts or emulsions in the tubing and/or the flowline.
j Casing–tubing communication (uncontrolled injection).

Fortunately, most of these situations are easily identified by looking at the 
pressure pattern on the wellhead pressure charts or the gas meter charts. 
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When irregular gas injection takes place, the well cannot be fully analyzed 
from analytical procedures and its cause can only be identify by the qualita-
tive characteristics of the pressure patterns shown in the wellhead pressure 
charts or in the gas meter charts (as explained in Sections 12.5, 11.5.9, and 
11.5.10). Some minor calculations are possible, especially in preparation for 
the application of troubleshooting field techniques that are far more practi-
cal in these cases to understand the chaotic behavior of the well.

12.2.2 Calculation techniques for wells that should 
be analyzed as intermittent gas lift wells
When liquid production is carried out in an intermittent fashion, in which 
liquid slugs periodically reach the surface, equations and calculation tech-
niques developed for intermittent gas lift design can be applied to determine 
the point of injection depth and the efficiency of the gas lift method. Gas 
injection can take place through a gas lift valve (either in good condition or 
damaged), through an orifice valve, or through a tubing-annulus communi-
cation (a hole in the tubing or gas flow through the packer).

In any case, the troubleshooting calculation procedure must begin with the 
verification of the volume of gas that enters the production tubing per cycle, 
which is called here vgsC. This is done for two reasons: (1) to determine if 
there is an error in the measurement of the surface gas flow rate or in the in-
jection opening and closing pressures measured at the surface, as explained 
next in the section, and (2) to verify that there is only one point of injection.

As specified in the previous section and in chapter: Design of Intermittent 
Gas Lift Installations, the volume of gas that enters the production tubing 
per cycle (in choke-control intermittent gas lift) is equal to the gas volume 
provided by the annulus, vga, plus the volume of gas provided by the surface 
gas injection line from the choke to the wellhead, vgl, plus the volume of gas 
that is injected through the surface choke while the subsurface pilot valve 
is opened, vge.

In choke-control intermittent lift, the volume of gas injected per cycle in scf/
cycle, vgsC, can be calculated dividing the constant surface gas flow rate by 
the number of cycles in one day:
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Where Tcycle is the total cycle time measured in minutes and Qgi is the gas 
flow rate measured at the surface in Mscf/D.

vgsC=QgiMscf/D1440min

/dayTcyclemin/cycle1000-
scfMscf=QgiTcycle1.44scfcycle
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On the other hand (also for choke-control intermittent lift), as explained 
in the previous section, the volume of gas injected per cycle at the surface 
while the pilot valve is opened, vge, is equal to:
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(12.18)

Where Tval is the time in minutes in which the subsurface pilot valve re-
mains open. Because the volume of gas injected per cycle is defined as 
vgsC = vga + vge + vgl, the following equation (Eq. 12.19) can be found (in-
troducing Eqs. 12.17 and 12.18 in this definition of vgsC), and then used to 
verify the measured value of Qgi (if the measurements of the surface injec-
tion opening and closing pressures are thought to be reliable):
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(12.19)

In Eq. 12.19, volumes vga and vgl can be calculated based on the surface 
injection opening and closing pressures as explained in the previous section 
(Eqs. 12.1–12.14). If the surface gas flow rate Qgi calculated using Eq. 12.19 
does not coincide with the gas flow rate Qgi measured at the surface, it is 
possible that there is an error either in the surface measured gas flow rate or 
the wellhead opening and closing pressures measurements, or there is more 
than just one point of injection.

Problem 12.1
With the operational data given in the next paragraph, determine: (1) Does 
the value of vgsC (calculated from the pressure reduction in the annulus 
and flowline) coincide with its value calculated from the gas flow rate mea-
sured at the surface?; (2) If the measured Qgi is thought to be inaccurately 
measured but not the surface injection opening and closing pressures, 
find the values of Qgi, vge, and vgsC in that order; and (3) If the measure-
ments of the surface injection opening and closing pressures are thought 
to be inaccurately measured but not the surface injection gas flow rate Qgi, 
calculate: vge, (vga + vgl) and vgsC.

Data: surface injection opening pressure, Pcso = 1200 psig; surface injec-
tion closing pressure, Pcsc = 1000 psig; measured surface gas flow rate, 
Qgi = 100 Mscf/D; operating valve’s depth, Dov = 2 Mft.; time in which the 
pilot valve remains open, Tval = 2 min; surface gas injection line length, 
L = 2 Mft.; injection line ID: 2.067 in.; casing ID: 6.366 in.; production tubing 
OD: 2.875 in.; total cycle time: 50 min.

vge=QgiMscfD1440min/day1000scfMs

cfTvalmin/cycle=QgiTval1.44scfcycle

Qgi=1.44vga+vglTcycle−Tval
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Solution
Following the steps given in Problem 12.3 presented later (not shown in 
this example), each component of the volume of gas injected per cycle 
is calculated from the pressure reduction in the annulus and surface gas 
injection line (except for vge which is relatively small and is calculated from 
Qgi), giving the following results:

vga = 6359.188 scf, vge = 138.889 scf, and vgl = 791.3141 scf. Thus, the sum of 
these components gives vgsC = 7289.39 scf/cycle.

1. The volume of gas injected per cycle calculated from the measured sur-
face gas flow rate and the number of cycles in 1 day is equal to:
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 This result does not coincide with the value of vgsC calculated earlier 
(equal to 7289.39 scf ) based on the measured surface injection open-
ing and closing pressures of the valve and the value of vge.

2. If the measured value of Qgi is the one supposed to be inaccurate but 
not the measured surface opening and closing pressures, then:

 vga and vgl can be calculated from the injection opening and closing 
pressures but vge cannot be calculated because it depends on the 
value of Qgi. Therefore, Qgi is calculated first from vga and vgl, and then 
vge and vgsC can be calculated. The surface gas flow rate is given by  
Eq. 12.19 as:
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 So that vge will be:

 vgsC is then equal to vga + vgl + vge = 6359.188 + 791.3141 + 297.9375 =  
7448.43 scf/cycle

3. If the surface gas flow rate Qgi is accurately measured but not the sur-
face injection opening and closing pressures, vge is calculated first and 

vgsC=QgiMscfD1440min/d
ayTcyclemin/cycle1000scfM-
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Qgi=1.44vga+vglTcycle−Tval=1.4
46359.188+791.314150−2=214.5

15 MscfD

[ ]
[ ]

[ ]

( )= 





= = =v
Q

/

T

Q T

.

.

.
.

MscfD

1440 min day

min

1000scf
Mscf 1 44

214 515 2

1 44
297 9375scfge

gi

val

gi val

vge=QgiMscfD1440min/dayTvalmin1000scfMscf
=QgiTval1.44=214.51521.44=297.9375 scf



786 CHAPTER 12 Intermittent gas lift troubleshooting

then the sum of vga and vgl is calculated (vga and vgl cannot be calcu-
lated separately):
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the other terms are known:
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 Then vgsC is equal to 3333.33 + 138.89 = 3472.22 scf/cycle.

In choke-control intermittent lift, one of the activities that must be frequent-
ly carried out (once the troubleshooting analysis is completed) is to adjust 
the cycle time by changing the surface injection gas flow rate. This can 
only be achieved in a precise way by a tedious, iterative process (explained 
later, right after Problem 12.2) that can be approximated with the practical 
calculation procedure that is explained in the next paragraphs and illustrated 
in Problem 12.2.

If the adjustment of the current surface injection gas flow rate (Qgi) is not too 
large, calculations can be made assuming that vga and vgl are constant. This is 
a reasonable approximation because changing the cycle time by only a few 
minutes is not going to cause major changes in the surface injection open-
ing and closing pressures of the gas lift valve. However, vge could change 
significantly because it depends on the value of Qgi. The time the pilot 
valve remains open (Tval) also changes, but an approximate value of Tval can  
be calculated if it is assumed that the instantaneous gas flow rate through 
the gas lift valve, Qgi inst, is not going to change very much when the surface 
gas flow rate Qgi is changed (this is because the instantaneous gas flow rate 
through the gas lift valve depends on the injection pressure which, as previ-
ously mentioned, is not going to change very much either).

During the time the pilot valve is opened (Tval), the total volume vgsC must 
be injected into the production tubing. In other words, the instantaneous gas 
flow rate through the pilot valve Qgi inst is equal to 1.44 (vga +vgl + vge)/Tval (if 
Qgi inst is expressed in Mscf/D) and, giving the fact that vge = QgiTval/1.44, the 
following expression can be found:
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(12.20)

vge=QgiMscfD1440min/dayTvalmin1000 scfMscf=QgiT-
val1.44=10021.44=138.89 scf

Qgi=1.44vga+vglTcycle−Tval

vga+v
gl=50−21001.44=3333.33 scf/cycle

Qgi inst=vga+vgl1.44Tval+Qgi
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Combining Eqs. 12.19 and 12.20, the following expression is obtained:
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ga gl
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ga gl

gi inst gi 

(12.21)

If vga, vgl, and Qgi inst are considered of constant values, Eq. 12.21 can  
be used to determine the required surface gas flow rate Qgi to achieve a cycle  
time Tcycle which was determined in the troubleshooting analysis to be the op-
timum cycle time (Tcycle can also be any other total cycle time at which the gas  
lift operator chooses to produce the well).

Problem 12.2
The total cycle time is 30 min and the pilot valve stays open for 5 min. Ac-
cording to the injection opening and closing pressure, the following vol-
umes of gas injected per cycle were calculated: vga = 3000 scf/cycle and 
vgl = 500 scf/cycle. Calculate: (1) The surface gas flow rate, Qgi; (2) The in-
stantaneous gas flow rate through the subsurface gas lift valve; and (3) If 
the gas flow rate is increased to 300 Mscf/D, calculate the new cycle time 
in two ways: (1) assuming that the time in which the pilot valve stays open 
(Tval) does not change, and (2) incorporating the approximate change in 
Tval.

Solution

j The surface gas flow rate is given by:

Q
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T T
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j The instantaneous gas flow rate through the subsurface gas lift valve is:
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❏ Assuming that the time interval Tval does not change, the new total 

cycle time can be calculated from this equation: ( )
=

+
−
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from which:
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Qgi=1.44vga+vglTcycle−1.44vga+vgl
Qgi inst−Qgi

Qgi=1.44vga+vglTcycle−Tval=300
0+5001.4430−5=201.6 Mscf/D

Qgi inst=vga+vgl1.44Tval+Qgi=350
01.445+201.6=1209.6 Mscf/D

Qgi=1.44vga+vglTcycle−Tval

Tcycle=Tval+1.44vga+vglQgi=5+1.
443500300=21.8 min
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❏ If the time interval Tval does change with the new value of Qgi, the new 

cycle time is calculated from Eq. 12.21: 
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This cycle time is longer than the one calculated assuming that the time in 
which the pilot valve stays open (Tval) does not change and it is a more re-
alistic value because it takes into consideration the fact that the subsurface 
valve is going to remain open for a longer period of time if the surface gas 
flow rate is increased. In reality, vga and vgl also change. The injection opening 
pressure is going to be higher because the initial liquid column (that helps 
opening the valve too) is going to be smaller due to the fact that the time of 
regeneration of the liquid column is reduced (from the initial 30 min). This 
makes the actual cycle time be still slightly longer than 22.34 min.

When (as a result of a troubleshooting analysis) the surface gas injection 
should be adjusted to change the current cycle time so that the optimum cycle 
time can be reached (for choke-control intermittent lift), a more accurate pro-
cedure of calculating the new required surface injection gas flow rate consists 
in performing the calculation steps given next (for different surface injection 
gas flow rates, until the calculated cycle time coincides with the optimum 
cycle time or with any other total cycle time the operator chooses).

1. Calculate vga and vgl for the conditions the well had during the 
troubleshooting analysis (using Eqs. 12.1–12.14 with the opening 
and closing pressures recorded on the two-pen pressure chart). Then 
calculate Qgi inst with Eq. 12.20 using: (1) vga and vgl just calculated, 
(2) the measured value of Qgi for the conditions the well had during 
the troubleshooting analysis (before changing the gas flow rate), and 
(3) The value of Tval found from the two-pen pressure chart by looking 
at the elapsed time between the opening and closing pressures of 
the gas lift valve. These values of vga, vgl, and Qgi inst will not change 
significantly so they are excellent parameters to start the iterations.

2. To begin the iterations, assume a new surface gas flow rate Qgi: if 
the current cycle time needs to be reduced, this new gas flow rate 
has to be greater than the value it had for the conditions during the 
troubleshooting analysis and vice versa. A good value of Qgi to start 

Q g i = 1 . 4 4 v g a + v g l T c y c l e− 1 . 4 4 v g a + v g l Q

gi inst−Qgi

Tcycle=1.44vga+vgl1Qgi+
1Qgiinst−Qgi=1.4435001-

300+11209.6−300=22.34 min
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the iterations can be calculated with Eq. 12.19 using the calculated 
optimum cycle time as the value of Tcycle (or any other total cycle 
time the operator chooses) and the values of Tval, vga, and vgl found in 
point 1. Usually, this new value of Qgi calculated from Eq. 12.19 would 
be accurate enough to optimize the well’s production or to start a fine-
tuning procedure of the surface injection gas flow rate in the field.

3. Calculate the time interval Tval using Eq. 12.20 with the new value of 
Qgi but with the previous values of vga, vgl, and Qgi inst.

4. Calculate the total cycle time Tcycle (also assuming the previous values of 
vga, vgl, and Qgi inst) using Eq. 12.21 with the new surface gas flow rate Qgi.

5. With the new liquid column generation time equal to Tcycle-Tval (Tcycle 
and Tval were calculated in points 4 and 3, respectively), calculate the 
production pressure (using the equations presented in chapter: Design 
of Intermittent Gas Lift Installations for the liquid slug length as a 
function of time) at valve’s depth and determine the new opening 
pressure using the pilot valve force–balance equation.

6. Calculate the new values of vga and vgl (using Eqs. 12.1–12.14) with the 
new valve’s injection opening pressure found in the previous step and 
assuming that the injection closing pressure remains constant (unless a 
dynamic model, such as the one developed by Milano given in chapter: 
Gas Flow Through Gas Lift Valves, is available for the pilot valve 
being used so that it can be applied to find the new valve’s closing 
pressure). With the new surface gas flow rate Qgi, the value of Tval 
calculated in step 3, and these newly calculated values of vgl and vge, 
calculate also the new value of Qgi inst using Eq. 12.20.

7. If the value of (vga + vgl) is not approximately equal to its previous 
value, all calculation from step 3 must be carried out again but with the 
new values of vga, vgl, and Qgi inst (found in step 6), keeping Qgi constant 
throughout these iterations.

8. Once (vga + vgl) converges to a given value, the calculated cycle time 
Tcycle (resulting from these iterations) is compared to the desired cycle 
time. If these two cycle times do not coincide, all calculations from 
step 3 are repeated with a new surface injection gas flow rate and the 
recently calculated values of vga, vgl, and Qgi inst as their starting values 
(if the calculated cycle time is shorter than its desired value, a lower 
surface injection gas flow rate should be selected and vice versa).

As mentioned earlier, these calculation steps are very tedious and do not 
improve the accuracy of the calculated gas flow rate in a considerable way, 
especially if they do not take into consideration the fact that the valve’s 
injection closing pressure could also change. This is why it is better to use 
a more practical procedure like just using Eq. 12.21 to find Qgi from the 
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desired value of Tcycle assuming that vga and vgl do not change. After all, this 
should only be a guide to be used in a trial and error field procedure to find 
the actual (not the theoretical) optimum cycle time by changing the gas flow 
rate to different values and testing the well at each of these flow rates to find 
the one that will maximize the daily liquid production.

Continuing with the explanation of the calculation techniques available for 
wells that are truly on intermittent gas lift, once the value of the volume of 
gas injected per cycle has been verified and it has been determined that the 
surface injection gas flow rate and wellhead pressures are accurately mea-
sured, leaving no doubts that there is only one point of injection, then the 
following troubleshooting calculations must be performed (depending on the 
state of the operating gas lift valve: damaged or in good working conditions).

Analysis for gas lift valves in good working conditions.

The case in which the operating gas lift valve is in good condition is pre-
sented in this section. This valve could correspond to the pilot valve (which 
is usually the operating valve established as such by design), but it can also 
be any of the unloading valves. It might also be a valve in a well that was 
designed for continuous gas lift in which the gas injection flow rate is less 
than the one required for stable operation. In general, when the operation 
is unintentionally intermittent, the efficiency of the lifting process is very 
low. This is due to the fact that single-element gas lift valves are usually 
encountered in these cases and these valves possess characteristics that are 
not appropriate for intermittent gas lift:

j The seat diameter is usually very small for intermittent gas lift 
operation and, in consequence, the instantaneous gas flow rate through 
these valves is very small. This in turn makes the slug velocity be very 
slow and the fallback losses are then very large. The gas injection 
period is usually very long (keeping the bottomhole pressure high for a 
longer period of time).

j The spread of the valve is usually very small because the area ratio is 
also very small, thus the total volume of gas injected per cycle might 
be less than its required value.

These characteristics of single-element valves cause very large liquid fall-
back losses that are difficult to estimate. It is extremely important to know 
the fallback losses to properly use the equations given in chapter: Design of 
Intermittent Gas Lift Installations to find the productivity index and, from 
this value, to be able to calculate the optimum cycle time. If it is not pos-
sible to estimate the fallback losses, one of the actions that can be carried 
out (without changing the operating valve or any other operational condition 
that is causing the problem) is to find the optimum cycle time by changing 
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the surface gas flow rate at different values, testing the well at each step. 
Another way of troubleshooting (analytically) a well in which it is not easy 
to estimate the fallback losses is to try to find the initial liquid column length 
(so that it can be compared to the liquid column produced at the surface and 
determine in this way the fallback losses) by using the static-force-balance 
equation of the subsurface valve at the moment it opens.

If surface time cycle controllers are used and the liquid slug velocity is ac-
ceptable (but not the total volume of gas injected per cycle), the surface gas 
injection time can be increased until the fallback losses can be estimated.

If the operating valve is indeed the pilot valve, engineers tend to limit the 
troubleshooting analysis to only identifying the operation of the pilot valve 
without completing the troubleshooting process:

j The optimum cycle time must be calculated and compared to the 
current cycle time. The well might be producing well below its 
potential with cycles that are either too short or, especially, too long.

j The required volume of gas injected per cycle should also be calculated 
and compared to its actual value. Another way of not producing the 
well to its full potential is by an inadequate gas injection: the total 
volume of gas injected per cycle should be greater than or equal to 
its required value (determined from the energy balance equation 
given in chapter: Design of Intermittent Gas Lift Installations) and its 
instantaneous flow rate should be able to sustain a liquid slug velocity 
of approximately 1000 ft./min.

Each valve installed in the well should be analyzed with the purpose of 
determining if it is the current operating valve or if there are several valves 
capable of opening under current operational conditions. The first step is 
to find the reservoir static liquid level, which can be approximately cal-
culated as:

ρ
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wh

 
(12.22)

Where Dsl is the static liquid level depth in feet, Dpt is the depth of the top of 
the perforations in feet, Psbh is the static reservoir pressure at perforations’ 
depth in psig, Pwh is the wellhead pressure also in psig, and ρ f is the liquid 
pressure gradient in psi/ft. calculated by (assuming that the water has a spe-
cific gravity equal to unity):
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Where w is the water cut (expressed from 0 to 1).

Dsl=Dpt−Psbh−Pwhρf

rf=1−w141.5131.5+°API0.433+w0.
433
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If the well has a packer installed, a gas lift valve above the static liquid 
level could be the operating valve only if a combination of events takes 
place (it is difficult for it to happens but it is not impossible and should 
be taken into consideration): There must be a tubing-annulus communica-
tion (a hole in the tubing, for example) that would allow liquids to enter 
the annulus. This liquid must be forced by the injection pressure back into 
the tubing at each cycle to generate a liquid column above the static liquid 
level. Additionally, the force–balance equation should predict that a valve 
above the static liquid level can open at the maximum injection pressure 
measured at the surface. Thus, even though it is a remote possibility that a 
gas lift valve above the liquid level becomes the operating valve (with the 
well producing liquid), almost all calculations that can be performed for 
valves below the liquid level should also be carried out for valves above it. 
The productivity index and the optimum cycle time cannot be calculated 
for valves above the static liquid level using the analytical procedures that 
are explained in the section.

The next step is to calculate the length of the initial liquid column above 
each valve installed in the well (temporarily assumed to be the operating 
valve) just before it opens. There are two ways of calculating the initial 
column length:

j If the total volume of gas injected per cycle and its instantaneous 
flow rate into the tubing are adequate, the fallback losses are small 
and predictable so the following equation can be used to calculate the 
initial liquid column length Q′:

( )( ) ( )

( ) ( ) ( )
( )

′ =
−
















Q
T q /

B F
D

min Br/ D 1440 min/ D

Br/ Mft . 1 1 / Mft .
ft .

1000 ft . / Mft .
Mft .

1000 ft .

fcycle

t
ov

 

(12.24)

 Where Bt is the volumetric capacity of the production tubing in Br/Mft. 
that can be calculated from the following equation:
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 Q′ is expressed in feet, Tcycle is the cycle time in minutes, qf is the 
liquid production in Br/D, d is the ID of the production tubing in 
inches, F is the fallback factor (expressed from 0 to 1), and Dov is 
the depth of the operating valve in feet. The calculated value of 
Q′ from Eq. 12.24 is then used to find the production pressure at 

Q9=TcycleminqfBr/D/1440min/DBtB
r/Mft.1−F1/Mft.Dovft.1000ft./Mft.Mf

t.1000ft.

Bt=π4din.21ft.2144in.21000ft.1Mft.1
Br5.61456ft.3=0.97143d2BrMft.
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valve’s depth just when this valve opens, called Pto, which is equal to 
fgPwh + Q′ρf.

 The fallback factor is usually taken as a constant equal to a value that 
goes from 0.03 to 0.06 (which represents from 3 to 6% of the initial 
column length that is lost as fallback for each 1000 ft. of depth of the 
point of injection). This is a good approximation as long as the API 
gravity of the oil is equal to or greater than 23°API, the volume of 
gas that is actually injected per cycle is greater than or equal to the 
required volume (calculated from the energy balance equation), and 
the liquid slug velocity is close to 1000 ft./min. The required volume 
of gas to be injected per cycle should be compared to its measured 
value in scf, determined as 1000Qgi/(number of cycles per day), where 
Qgi is the surface gas flow rate in Mscf/D and the number of cycles 
per day is equal to 1440/Tcycle, with Tcycle being the total cycle time in 
minutes. The required volume of gas to be injected per cycle is found 
from the energy balance equation (Eq. 10.32). Calculation of the 
required volume of gas injected per cycle and its comparison to the 
actual volume being injected are extremely important troubleshooting 
calculations because of the impact that this volume has on the fallback 
losses and, therefore, on the liquid production.

 The average liquid slug velocity can be estimated by measuring the 
elapsed time between the opening of the gas lift valve and the slug 
arrival at the surface. The average velocity is then approximately 
equal to the depth of the operating valve divided by the travel time 
of the liquid slug in the production tubing. Fig. 12.2 can be used to 
show the way in which the liquid velocity is estimated by looking at 
the wellhead pressure chart. An apparent time lag, Td, between the 
tubing and the casing pressure is introduced because of the way the 
pen are installed in the chart recorder, so the liquid slug travel time is 
equal to Toc − Td, with Toc as defined in the figure. The apparent time 
lag Td should be identified by running each pen up and down when 
the chart is installed. Sometimes the arrival of the slug is not clear 
just by looking at the chart, but it can be easily detected at the well 
site. The slug arrival should be compared to the time the valve closes 
to determine if the valve remains open for a long period of time after 
the slug has arrived at the surface, indicating that injection gas might 
be wasted while, at the same time, making it difficult to regenerate 
the new liquid slug at the bottom of the well. If this is the case, the 
pilot valve should be replaced with a different pilot valve with a larger 
main port diameter (so that the injection pressure can drop very fast), 
but probably with the same area ratio or a slightly smaller one. Some 
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pilot valve models have main port diameters that are too small for an 
efficient intermittent gas lift operation and their use should be avoided.

j If the liquid slug velocity is too slow, the volume of gas injected per 
cycle is less than required, or the liquid is too viscous, then the initial 
liquid column length should be estimated from the gas lift valve’s 
force–balance equation applied just before the pilot valve opens, or 
by means of the specially designed downhole pressure surveys that 
are explained in Section 12.3. The force–balance equation depends on 
the type of valve. These equations are given in chapter: Gas Lift Valve 
Mechanics and in Section 11.4.2. For example, the force–balance 
equation for a spring loaded, injection-pressure-operated, pilot valve 
with a given test-rack calibration closing pressure Ptr, is:

− + =R P R P P(1 ) ( )cvo to tr (12.26)

 Where R is the valve’s area ratio, Ptr is the test-rack closing pressure, Pcvo 
is the valve’s opening pressure at depth (equal to Pcsofg, where fg is the 
gas factor explained in chapter: Single-Phase Flow and Pcso is the surface 
injection opening pressure), Pto is the tubing pressure at valve depth 
just before the valve opens and it is the only unknown in the equation. 
Eq. 12.26 is then used to find Pto. This pressure is equal to the wellhead 
production pressure plus the hydrostatic pressure of the gas column above 
the liquid and plus the hydrostatic pressure of the liquid column Q′:

ρ= + ′P P f Qg fto wh (12.27)

(1−R) Pcvo+(R) Pto=Ptr

Pto=Pwhfg+Q'ρf

■■ FIGURE 12.2 Practical way of determining the travel time of the liquid slug in the 
production tubing.
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 Where Pto is expressed in psig, Pwh is the wellhead production 
pressure in psig, and ρf is the liquid column gradient above the gas 
lift valve in psi/ft. and calculated using Eq. 12.23 from the oil API 
gravity and the water cut. With the Pto pressure determined from the 
force–balance equation (Eq. 12.26), Eq. 12.27 is then used to find the 
length of the initial liquid column Q′ in feet. The problem with this 
method of calculating Q′ is the fact that the wellhead pressure sensors 
should be precisely calibrated and the injection gas specific gravity 
should be accurately measured so that the error in estimating the gas 
injection pressure at depth (Pcvo) is minimized. From Eq. 12.26, Pto is 

equal to ( )−
−P

R

R

R
P

1
cvo

tr . If the surface opening pressure and/or the 

injection gas specific gravity are not precisely measured, the error 
made in the calculation of Pcvo is magnified when trying to calculate 
Pto because Pcvo is multiplied times (1 − R)/R. If the value of R is 
very small, (1 − R)/R is very large. For example, if R = 0.034, then 
(1 − R)/R = 28.4. Thus, each psi that is wrongly estimated when 
calculating Pcvo is multiplied by 28.4. This method of getting Q′ is 
recommended then for large values of R, as long as the wellhead 
pressures and the gas specific gravity are accurately measured. If the 
valve is nitrogen charged, iterations are needed to calculate Pto because 
the temperature of the valve must be calculated from equations that 
depend on the value of Pto. This last point is further analyzed later.

Calculation of Q′ by any of the two previously described procedures do not 
take into account the fact that free gas in the liquid column tends to make the 
liquid columns longer and their true gradient, called ρt, is in fact less than ρf 
(which is calculated from the water cut and the oil API gravity only). This 
is not important when using the force–balance equation or the productivity 
index equation, as long as the true liquid column does not reach the surface. 
The true gradient is calculated from the analysis of downhole pressure and 
temperature surveys (explained in Section 12.3). There are equations that 
can be used to find the true liquid pressure gradient, but they are not very 
reliable. The true liquid column length is Q′t = Q′(ρf/ρt).

Once the liquid column length and the pressure Pto have been determined, 
different tests should be performed to know if the effective productivity 
index can be calculated using the intermittent gas lift theory presented in 
chapter: Design of Intermittent Gas Lift Installations. These tests are:

j If the top of the liquid column Q′ (not the true liquid column Q′t), is 
below the static liquid level calculated with Eq. 12.22 and the top of 
the true liquid column Q′t is below the wellhead, all calculations in the 
troubleshooting analysis explained in this section can be performed.

PtrR−1−RRPcvo
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j If the top of the calculated liquid column Q′ is above the static liquid 
level calculated with Eq. 12.22 but the top of Q′t is below the wellhead, 
then production with this valve is only possible if part of the liquid 
being produced is previously accumulated in the annulus. In this case, 
it is not possible to calculate the productivity index but Eq. 12.27 
(Pto = Pwhfg + Q′ρf) is still valid. Without the productivity index, the 
optimum cycle time cannot be analytically estimated.

j If the calculated true liquid column Q′t is greater than the valve’s depth 
(Dov), with Q′ above or below the static liquid level, the productivity 
index cannot be calculated. Additionally, the production pressure 
at valve’s depth (when the gas lift valve opens) is calculated from 
Pto = Pwh + Dovρt (instead of using Eq. 12.27), where Dov is the depth of 
the operating valve (or valve being investigated).

It is possible that the calculated value of the static liquid level might turn 
out to be negative using Eq. 12.22. This is due to the fact that the reservoir 
pressure is so high that the static liquid column is greater than the depth of 
the perforations. The well then can produce on natural flow. If this is the 
case, all calculations for intermittent gas lift troubleshooting can be carried 
out at each valve, unless the calculated true liquid column length is greater 
than the depth of the valve under investigation, in which case the production 
pressure at valve’s depth (when it opens) is found from Pto = Pwh + Dovρt, 
(where Dov is the depth of the valve under investigation) and, additionally, 
the productivity index cannot be calculated.

Even if the valve mechanic equation was not necessary to find the values of 
Pto and Q′, this equation still needs to be used but for a different purpose: to 
find the valve opening pressure so that it can be compared to the measured 
injection opening pressure in the pressure chart. The steps to establish this 
comparison are described next.

Once Pto has been calculated, the gas lift valve’s opening pressure is found 
from the valve’s force–balance equation depending on the type of valve in-
stalled in the well. If the valve is nitrogen charged, it is necessary to estimate 
its operating temperature. The dynamic temperature of the valve is very dif-
ficult to calculate. For wireline retrievable valves, the valve’s dynamic tem-
perature can be calculated assuming continuous flow with the current daily 
liquid production. Several examples of how to calculate the valve tempera-
ture are given in chapter: Design of Continuous Gas Lift Installations. The 
valve’s opening pressure is calculated using the equations given next. This 
calculated pressure is then compared to the measured pressure to determine 
if the valve being investigated corresponds to the current point of injection. 
For a spring-loaded, injection-pressure-operated valve with a test-rack clos-
ing pressure Ptr and an area ratio R, the surface opening pressure can be 
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calculated in the following way (using the force–balance equation given in 
chapter: Gas Lift Valve Mechanics for this type of valve):

=
−
−
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Where Pcso is the valve’s surface opening pressure and fg is the gas factor 
that is used to calculate the pressure at depth from the pressure at the sur-
face. For a spring-loaded, injection-pressure-operated valve with a test-rack 
opening pressure Ptr and an area ratio R, the force–balance equation gives 
the following expression for the valve’s surface opening pressure Pcso:
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For a nitrogen-charged, injection-pressure-operated valve with a test-rack open-
ing pressure Ptr, an area ratio R, and a spring as an additional closing element set 
at an equivalent pressure P′r, the injection surface opening pressure is given by:
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The term P′r is explained in chapter: Gas Lift Valve Mechanics and it is usu-
ally a fixed value given by the valve’s manufacturer. Pbt is the bellows pressure 
at operating conditions. If the operating temperature of the valve is known, Pbt 
can be calculated from P′b with Eq. 11.4. P′b is the bellows pressure at test-
rack conditions and it can be calculated from the following equation:

( ) ( )′ = − ′ −P P P R1b tr r (12.31)

Based on the theory presented in chapter: Design of Intermittent Gas Lift 
Installations, the average productivity index J, in Br/(D − psi), for the prac-
tical range of flowing bottomhole pressures for intermittent gas lift, can be 
calculated from:

ρ
( )

=J
. . d A

t

1 44 0 9713 lff

f

2

 
(12.32)

Where t is the liquid column generation time in minutes, ρf is the liquid 
pressure gradient in psi/ft., d is the ID of the production tubing in inches, 
and Alff is given by:
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Pcso=Ptr−PtoR1−R/fg

Pcso=Ptr1−R−PtoR1−R/fg

Pcso=Pbt+P9r1−R−PtoR1−R/fg

P9b=Ptr−P9r1−R

J=1.440.9713d2Alfftρf

Alff=lnA9−FDov/1000Q9ρfA9−Q9ρf
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Where Dov is the depth of the operating valve in feet, F is the fallback fac-
tor in 1/Mft., Q′ is the initial column length in feet, and A′ is the maximum 
drawdown at the beginning of the liquid column generation period given by:

ρ( )′ = − − + A P D D P fsbh tpt ov wh g (12.34)

Where Psbh is the static reservoir pressure in psi, Dpt is the depth of the top 
of the perforations in feet, ρt is the true liquid pressure gradient in psi/ft. 
(which takes into account the free gas present in the liquid and, as previ-
ously mentioned, can be determined from a downhole pressure survey), 
Pwh is the minimum wellhead production pressure, and fg is the gas factor 
that is used to get the pressure at depth from the pressure at the surface. 
With J already calculated, the optimum cycle time can be found from 
the calculation procedure explained for intermittent gas lift design using 
Eq. 10.22. If it is necessary, the cycle time can be adjusted by changing 
the constant surface gas flow rate if the well is on choke control using 
Eq. 12.21 as a guide. If surface controllers are used, the cycle time can 
be changed by modifying the time in which the controller remains closed 
(Toff) without affecting the volume of gas injected per cycle, unless the 
volume of gas injected per cycle is less than its required value, in which 
case the time the surface controller remains open (Ton) can be indepen-
dently adjusted. For choke-control intermittent gas lift, on the other hand, 
the volume of gas injected per cycle can only be significantly modified 
by changing the gas lift valve with another one with a larger or a smaller 
area ratio, if the volume of gas injected per cycle must be, respectively, 
increased or decrease.

Problem 12.3
Determine the possible reasons why a well on choke-control intermittent 
gas lift, with the following characteristics and operational conditions, is not 
producing any liquids:

Pilot valve: spring-loaded, injection-pressure-operated valve with an area 
ratio of 0.326, main port diameter of 48/64 in., and test-rack closing pres-
sure Ptr of 720 psig. The surface injection opening pressure Pcso is 700 psig 
and the surface closing pressure Pcsc is 651.375 psig. The injection opening 
pressure at valve’s depth Pcvo is then 774.372 psig and the closing pressure 
at valve’s depth Pcvc is 720 psig (these values are obtained using the ap-
propriate gas factor fg). The average gas compressibility factor zga,apert. in 
the annulus at the valve’s opening pressure is 0.8769 and the average gas 
compressibility factor zga,close. in the annulus at the valve’s closing pressure 
is 0.884.

A9=Psbh−Dpt−Dovρt+Pwhfg
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Gas and liquid properties:
Lift gas specific gravity Gg: 0.7; water cut: 10%; oil API gravity: 23°API; 
formation gas/liquid ratio: 300 scf/STBL.

Production tubing inside diameter: 2.441 in.; production tubing outside 
diameter: 2.875 in.; casing inside diameter: 4.892 in.; inside diameter of 
the surface gas injection line: 2.067 in.; length L of the surface gas injec-
tion line: 500 ft.; operating valve’s depth: 3940 ft.; time in which the pilot 
valve stays open (Tval):6 min; total cycle time: 19.25 min; surface injection 
gas flow rate (Qgi): 150 Mscf/D; minimum wellhead production pressure 
Pwh: 60 psig. The production tubing pressure at pilot valve’s depth when it 
opens was stipulated in the design to be equal to 306.503 psig.

Estimate if the well can produce liquids by temporarily increasing the injec-
tion gas flow rate and then setting it back to its design value of 150 Mscf/D.

Solution

1. Verification of the surface gas flow rate and wellhead pressure mea-
surements

  The volume of gas injected per cycle (calculated from the measured 
surface gas flow rate and the number of cycles in one day) is:

= = =v
Q T

.
.

.
.

1 44
150(19 25)

1 44
2005 2scf/ cycleCgs

gi cycle

  The volume of gas injected per cycle is now calculated from the 
opening and closing pressures using the equations presented in Sec-
tion 12.2.1 (Eqs 12.1–12.14). The annular volumetric capacity, Ba in  
ft.3/Mft., can be calculated as:

B . D D . . .

.

5 45415 5 45415 4 892 2 875

85 44492ft . /Mft .
a IDcasing

2
OD tubing
2 2 2

3

( ) ( )= − = −
=

  The volumetric capacity of the surface gas injection line Bl in  
ft.3/Mft., is:

( )= = =B . D . . .5 45415 5 45415 2 067 23 3028ft. /Mft.l ID gasline
2 2 3

  The gas compressibility factor in the surface gas injection line can 
be approximated using the following equation:

= − + = − + =z P1 0.00019385( 14.7) 1 0.00019385(700 14.7) 0.861455csogl

  The injection gas temperature at valve’s depth, Tv in °F, can be ap-
proximated as the geothermal temperature, which is calculated as a 

vgsC=QgiTcycle1.44=150(19.25)1.4
4=2005.2 scf/cycle

Ba=5.45415DID casing2−DOD tub-
ing2=5.454154.8922−2.8752=85.44492 ft.3/Mft.

Bl=5.45415DID gasline2=5.454152.0672=23.3028ft
.3/Mft.

zgl=1−0.00019385(Pcso+14.7)=1−

0.00019385(700+14.7)=0.861455
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function of the depth of the valve Dov in Mft. from the following equa-
tion:

= + = + = °T D15.6 88.8 15.6(3.94) 88.8 150.264 Fv ov

  The volume of gas supplied by the gas injection line per cycle, vgl in 
scf, can be calculated from the surface injection opening pressure Pcso, 
the surface injection closing pressure Pcsc, the volumetric capacity of 
the gas line Bl, the length of the injection gas line L in Mft., and the gas 
compressibility factor zgl by:
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  The volume of gas per cycle that enters the annulus through the 
surface choke while the pilot valve is open, vge in scf, is found from:
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  The volume of gas supplied by the annulus per cycle is:
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  The volume of gas injected per cycle is equal to vga + vgl + vge =  
1,340.24 + 42.686 + 625 = 2,007.92 scf/cycle. This volume is very close to 
the one calculated earlier from the surface gas flow rate and the num-
ber of cycles in one day; therefore, the surface measurements of the gas 
flow rate and the wellhead pressures must be reasonably accurate and 
there is only one injection point.

2. Calculation of the production pressure at the pilot valve’s depth just 
before this valve opens

  Using the force–balance equation of the valve with its calibration 
pressure of 720 psig and area ratio equal to 0.326, the production pres-
sure at valve’s depth is found from:

P
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R

R
P
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1 720
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774 372 607 59 psigcvoto

tr= −
−
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3. Calculation of the initial liquid column length Qini

  Because the calculation of the gas pressure on top of the liquid 
column depends on the length of the liquid column length (which is 

Tv=15.6Dov+88.8=15.6(3.94)+88.8=150.264 °F

vgl=35.374BlLPcso−Pcsc545zgl=
35.374(23.3028)0.5(700−651.37
5)545(0.861455)=42.686 scf/cycle

vge=QgiTval1.44=150(6)1.44=625 
scf/cycle

vga=35.374BaDov1005+TvPcso+
Pcvozga,apert.−Pcsc+Pcvczga,clo
se.=   =35.37485.444923.94
1005+150.264700+774.3720.876
9−651.375+7200.884=1340.24 sc

f/cycle

Pto=PtrR−1−RRPcvo=7200.326−1
−0.3260.326774.372=607.59 psig
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precisely the unknown that needs to be calculated), iterations are re-
quired to find both, the liquid column length and the gas pressure on 
top of the liquid column. The need for iteration is due to the fact that 
the gas factor fg depends on the length of the gas column. The pressure 
at the bottom of a gas column is found by multiplying the surface pres-
sure by this gas factor. The equation that can be used to find the liquid 
column length is:

ρ
=

−
Q

P P f

f
ini

to wh g

  Where ρf is the pressure gradient of the liquids in the liquid column 
and fg is the gas factor previously mentioned. The liquid pressure gradi-
ent is calculated as:
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  Where w is the water cut from 0 to 1. The gas factor, on the other 
hand, is found from the following equation:

= + ′
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  Where L’ is in this case the depth in Mft. at which it is desired to cal-
culate the gas pressure. For the first iteration, L’ is assumed to be equal 
to the depth of the valve:
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  For the second iteration, the length of the liquid column just calcu-
lated (1.35198 Mft.) is subtracted from the depth of the valve (3.94 Mft.) 
when calculating fg:
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  For the third iteration:
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Qini=Pto−Pwhfgρf

ρf=0.433w−1−w141.5ºAPI+131.5
=0.4330.1−0.9141.523+131.5=0.4

002 psi/ft.

fg=1+L9541.524

Qini=607.59−601+3.94541.5240.4
002=1351.98 ft.

Qini=607.59−601+3.94−1.351985
41.5240.4002=1357.203 ft.

Qini=607.59−601+3.94−1.357203
541.5240.4002=1357.22 ft.
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  The value of Qini for the third iteration is very close to its value from 
the second iteration, thus calculations of Qini can be stopped at this 
point. This is a very long liquid column that the current volume of gas 
injected per cycle might not be able to produce to the surface.

4. Calculation of the required volume of gas injected per cycle
  The required volume of gas injected per cycle to lift a 1357.22 ft 

long liquid column from a depth of 3940 ft. to the surface is calcu-
lated from the energy balance equation presented in chapter: Design 
of Intermittent Gas Lift Installations. This calculation, not shown here, 
gives a required volume vgsR = 7991 scf/cycle. This indicates that the 
current volume of gas injected per cycle is four times smaller than its 
required value and that is probably the reason why the liquid column 
is not reaching the surface. The well needs to be fully unloaded by 
temporarily increasing the surface injection gas flow rate. It might be 
possible that, once the well is unloaded, the current surface gas flow 
rate might be acceptable to produce the well, unless the calculations 
(shown later) indicate that the current pilot valve installed in the well 
will not be able to deliver the required volume of gas per cycle and at 
a sufficiently high instantaneous gas flow rate into the production tub-
ing. In this latter case, the current pilot valve would have to be replaced 
by a pilot valve with either a higher calibration pressure or a larger 
main port area, or both, to increase the instantaneous gas flow rate 
into the tubing. If the problem is only that the valve cannot supply the 
required volume of gas to be injected per cycle (but the instantaneous 
gas flow rate is acceptable), a new valve should be used with a larger 
area ratio (if the area ratio is already the largest one available, surface 
intermetters should then be used to force the valve open for a longer 
period of time).

5. Possibility of getting the well back in production
  It is now investigated if the pilot valve currently installed in the well 

could sustain the liquid production stipulated in the design, for which 
the production pressure when the valve opens should be equal to 
306.503 psig (given earlier as an available data to solve the problem). It 
is necessary to calculate the length of the liquid column and then calcu-
late the volume of gas per cycle needed to produce it. Then, the spread 
of the valve should be calculated to establish if: (1) the gas injected per 
cycle is greater than or equal to the required volume, and (2) the gas 
flow rate through the gas lift valve is going to be large enough to keep 
the liquid slug velocity greater than or equal to 1000 ft./min.

  The iteration to find the initial liquid column length (Qini) with a pro-
duction pressure of 306.503 psig at the time the pilot valve opens is 
presented next (following the procedure described in step 3). To find 
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the gas factor fg for the first iteration, it is assumed that the length of the 
gas column above the liquids is equal to the depth of the valve: 
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  The third iteration shows a result very similar to the second. The 
initial liquid column length is then taken to be equal to 601.597 ft. It 
could be possible then that the pilot valve currently installed in the 
well might be able to handle this shorter liquid column. With the equa-
tion given in chapter: Design of Intermittent Gas Lift Installations, the 
required volume of gas injected per cycle to lift this initial liquid col-
umn from a depth of 3,940 ft. is found to be vgsR = 4878.413 scf/cycle. 
This calculation (not shown here) also gives the average conditions of 
the gas that has entered the production tubing when the liquid col-
umn is just beginning to be produced at the surface: Average gas pres-
sure in the tubing Pga = 648.4576 psia; Average gas temperature in the 
tubing Ta = 572.63°R; Average gas compressibility za = 0.89; Pressure 
inside the production tubing downstream of the pilot valve (at valve’s 
depth when the valve is about to close) Ptm = 663.7 psig. These results 
are used later to verify that the liquid slug velocity is at least equal to 
1000 ft./min.

  With the expected production pressure of 306.503 psig, the force–
balance equation is used to calculate the injection opening pressure 
at valve’s depth Pcvo. From the force–balance equation applied at the 
moment just before the valve opens, the following expression is found 
(the area ratio of the valve is 0.326 and the test-rack closing pressure Ptr 
is 720 psig):

− + =P(1 0.326) 0.326(306.503) 720cvo

  The opening pressure Pcvo is then equal to 920 psig at valve’s depth. 
This opening pressure referred to the surface is equal to 830 psig. The 
volume of gas injected per cycle based on the valve’s opening and clos-
ing pressures is calculated next.

Qini=306.503−601+3.94541.5240.
4002=598.96 ft.

Qini=306.503−601+3.94−0.59896
541.5240.4002=601.585 ft.

Qini=306.503−601+3.94−0.60158
5541.5240.4002=601.597 ft.

(1−0.326)Pcvo+0.326(306.503)=
720
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  The gas compressibility factor at the surface gas injection line can 
be calculated as follows: 

= − + = − + =z P1 0.00019385( 14.7) 1 0.00019385(830 14.7) 0.836csogl

  The gas temperature at valve’s depth, Tv in °F, can be calculated as a 
function of the depth of the valve, Dov in Mft., using the following equa-
tion:

= + = + = °T D15.6 88.8 15.6(3.94) 88.8 150.264 Fv ov

  The volume of gas injected per cycle provided by the surface gas 
injection line, vgl in scf, is calculated from the injection opening pres-
sure Pcso, the injection closing pressure Pcsc, the volumetric capacity of 
the injection line Bl, the length of the injection line L in Mft., and the gas 
compressibility factor zgl:
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  The volume of gas injected into the surface gas line while the pilot 
valve is open, vge in scf, is:
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  This calculated value of vge is only an approximation because the 
time in which the pilot valve will remain open is not known. But this 
approximation is acceptable because vge is usually less than 20% of the 
total volume of gas injected per cycle. The gas supplied by the annulus, 
vga, is calculated knowing that the gas compressibility factor at the new 
opening pressure is zga,apert. = 0.859:
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  The total volume of gas injected per cycle is then equal to vga + vgl + 
vge = 5009 + 163.37 + 625 = 5797.37 scf/cycle, which is greater than the 
required volume equal to 4878.413 scf/cycle.

  However, it is still necessary to verify if the liquid slug velocity (vat) 
is going to be high enough to keep the fallback losses at a minimum 

zgl=1−0.00019385(Pcso+14.7)=1−

0.00019385(830+14.7)=¦0.836

Tv=15.6Dov+88.8=15.6(3.94)+88.8=150.264 °F

vgl=35.374BlLPcso−Pcsc545zgl
=35.37423.30280.5830−651.37

55450.836=163.37 scf/cycle

vge=QgiTval1.44=15061.44=625 s
cf/cycle

vga=35.374BaDov1005+TvPcso+
Pcvozga,apert.−Pcsc+Pcvczgc,clo
se.=  =35.37485.444923.94100
5+150.264830+9200.859−651.37

5+7200.884=5009 scf/cycle
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value. This can be verified using Eq. 10.67 for the design of gas lift wells, 
see Problem 10.1. To use this equation, it is necessary to know the aver-
age conditions of the gas that has entered the tubing when the slug be-
gins to be produced at the surface, which were given earlier and were 
found when calculating the required volume of gas injected per cycle 
(not shown here): Pga = 648.4576 psia; Ptm = 663.7 psig; Ta = 572.63°R; 
and za = 0.89. The pressure upstream of the valve just before it closes 
is Pcvc + 14.7 = 720 + 14.7 = 734.7 psia and the production pressure 
downstream of the valve is Ptm + 14.7 = 663.7 + 14.7 = 678.4 psia; thus, 
the value of the pressure ratio to use in the slug velocity equation is 
r = 678.4/734.7 = 0.9233 and therefore frg (as defined in Eq. 10.67) is 
calculated as: 

= − = − =f r r . . .0 9233 0 9233 0 12395rg
. . . .1 561 1 781 1 561 1 781

  Finally, the liquid slug velocity vat is calculated using Eq. 10.67 (with 
the tubing diameter d and the pilot valve’s main port diameter do):
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As can be seen, not only the volume of gas injected per cycle is accept-
able, but also the liquid slug velocity is within the range for a good in-
termittent gas lift operation. Therefore, the current valve can indeed be 
able to produce liquid slugs of approximately 600 ft. in length. Because 
the well is not producing any liquids, it is not possible to calculate the 
productivity index and, in consequence, the optimum cycle time cannot 
be found either. For this reason, the best that can be done is to tempo-
rarily increase the injection gas flow rate to very large values until the 
spread of the valve (difference of the valve’s opening and closing pres-
sures shown at the surface) is close to its value stipulated in the design 
and then lower the gas flow rate to its designed value and see if the de-
sign spread of the valve can be sustained. If the well tends to load up 
with liquids again, the spread of the valve will begin to decrease again. 
In this case, the pilot valve needs to be replaced with another one with 
a larger area ratio.

frg=r1.561−r1.781=0.92331.561−0
.92331.781=0.12395

vat=0.00079276Tazado2Pcvc+14.7
frgd2PgaTvGg= =0.00079276572
.630.89482734.70.123952.4412648.
457615.63.94+548.80.7=1.06 Mft./

min
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Problem 12.4
Analyze the operation of a choke-control intermittent gas lift well with the 
following characteristics and operational conditions.

Pilot valve: spring-loaded, injection-pressure-operated with an area ratio 
of 0.15, main port diameter equal to 24/64 in. and test-rack closing pres-
sure (Ptr) of 715 psig. The surface opening pressure (Pcso) is 700 psig and 
the surface closing pressure (Pcsc) is 645.97  psig. The opening pressure at 
valve’s depth (Pcvo) is 774.372 psig and its closing pressure at valve’s depth 
(Pcvc) is 713.96 psig. The average gas compressibility factor in the annulus 
at the opening pressure (zga,apert.) is 0.8769 and at closing pressure (zga,closing) 
is 0.8848.

Gas and liquid properties:

Injection gas specific gravity (Gg): 0.7; water cut (w): 10%; oil API gravity: 
23°API; formation gas/liquid ratio: 300 scf/STBL.

Injection gas line ID: 2.067 in.; length (L) of the surface injection gas line: 
100 ft.; operating valve’s depth: 3940 ft.; time in which the pilot valve re-
mains open (Tval): 6.05 min; total cycle time (Tcycle): 34.388 min; surface in-
jection gas flow rate (Qgi): 140.39 Mscf/D; minimum wellhead production 
pressure (Pwh): 60 psig; static bottomhole pressure (Psbh): 1300 psig; tem-
perature at top of perforations (Tres): 151.2°F; top of perforations’ depth: 
4 Mft.; liquid production (qf): 125.14 STBL/D.

Solution

1. Verification of the surface gas flow rate and wellhead pressure mea-
surements

  The volume of gas injected per cycle (calculated from the surface 
injection gas flow rate and the number of cycles per day) is:

v
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  The volume of gas injected per cycle is now calculated from the 
opening and closing pressures using the equations presented in Sec-
tion 12.2.1 (Eqs (12.1) to (12.1)). The annular volumetric capacity, Ba in 
ft.3/Mft., is found from:

B . D D . . .

.

5 45415 5 45415 6 366 2 875

175 95 ft . /Mft .
a IDcasing

2
ODtubing
2 2 2

3

( ) ( )= − = −
=

vgsC=QgiTcycle1.44=140.3934.388
1.44=3352.59 scf/cycle

Ba=5.45415DID casing2−DOD tub-
ing2=5.454156.3662−2.8752=175.95 ft.3/Mft.
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  The volumetric capacity of the surface gas injection line, Bl in ft.3/Mft., is:

B . D . . .5 45415 5 45415 2 067 23 3028 ft . / Mft .l gasline
2 2 3( ) ( )= = =

  The gas compressibility factor in the surface gas injection line can 
be approximated as:

z P1 0.00019385( 14.7) 1 0.00019385(700 14.7) 0.861455csogl = − + = − + =

  The gas injection temperature at valve depth, Tv in °F, can be approx-
imated as the geothermal temperature, which is calculated as a function 
of the depth of the valve, Dov in Mft., from the following equation:

= + = + = °T D15.6 88.8 15.6(3.94) 88.8 150.264 Fv ov

  The volume of gas injected per cycle supplied by the surface gas 
injection line, vgl in scf, is calculated from the surface injection pressure 
Pcso, the surface closing pressure Pcsc, the volumetric capacity of the sur-
face gas line Bl, the length L of the surface gas line in Mft., and the gas 
compressibility factor zgl:

( ) ( )( )
( )=

−
=

−

=

v
. B L P P

z

. . . .

.
.

35 374

545

35 374 23 3028 0 1 700 645 97

545 0 861455
9 4863 scf /cycle

cso csc
gl

l

gl

  The volume of gas that enters the surface gas injection line through 
the surface choke while the pilot valve is opened, vge in scf, is:

v
Q T

.

. .

.
.

1 44

140 39 6 05

1 44
589 83 scf /cyclege

gi val ( )
= = =

  The gas supplied by the annulus is:

v
. B D

T

P P

z

P P

z

. ( . ) .

.

.

.

. .

.
.

35 374

1005

35 374 175 95 3 94

1005 150 264

700 774 372

0 8769

645 97 713 96

0 8848
3064 2 scf /cycle

cso cvo csc cvc
ga

a ov

v ga,apert. ga,close.

=
+

+
−

+











=

=
+

+
−

+





=

  The total volume of gas injected per cycle is vga + vgl + vge = 3,064.2 + 
9.4863 + 589.83 = 3663.5 scf/cycle. This volume is very close to the one 
calculated earlier from the value of the surface injection gas flow rate and 
the numbers of cycles in one day. Thus, the gas flow rate and the well-
head pressures are being measured with an acceptable level of accuracy 
and there is only one point of gas injection into the production tubing.

Bl=5.45415Dgasline2=5.454152.06
72=23.3028 ft.3/Mft.

zgl=1−0.00019385(Pcso+14.7)=1−

0.00019385(700+14.7)=0.861455

Tv=15.6Dov+88.8=15.6(3.94)+88.8=150.264 °F

vgl=35.374BlLPcso−Pcsc545zg
l=35.37423.30280.1700−645.9
75450.861455=9.4863 scf/cycle

vge=QgiTval1.44=140.396.051.44=
589.83 scf/cycle

vga=35.374BaDov1005+TvPcso+
Pcvozga,apert.−Pcsc+Pcvczga,clo
se.=   =35.374(175.95)3.941
005+150.264700+774.3720.8769
−645.97+713.960.8848=3064.2 s

cf/cycle
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2. The following two calculations are performed: (1) calculation of the pro-
duced liquid column length from the daily liquid production and the 
number of cycles per day, and (2) calculation of the initial liquid column 
assuming a fallback factor of 0.05.

  The production tubing volumetric capacity in Br/Mft. is:

B . d . . .0 97143 0 97143 2 441 5 7882 Br/Mft .t
2 2( )= = =

  The liquid pressure gradient is:

. w w
.

.

. . .
.

.
.

0 433 1
141 5

º API 131 5

0 433 0 1 0 9
141 5

23 131 5
0 4002 psi/ ft .

fρ ( )

( )

= − −
+











= −
+







=

  Where w is the water cut expressed from 0 to 1.
❏ The produced liquid column length (Qprod) is calculated from the 

daily liquid production qf, the cycle time Tcycle, and the volumetric 
capacity of the production tubing from the following equation:

Q
q T

B
.

1.44

125.14 34.388

1.44 5.7882
516 29 ft.f

prod
cycle

t

( )
( )= = =

❏ If the fallback factor F is assumed to be equal to 0.05, the initial liquid 
column at valve’s depth just before the pilot valve opens is:

Q
Q

FD1

516.29

1 0.05 3.94
642.95 ft.ini

prod

ov ( )=
−

=
−

=

  With Eq. 10.32, the required volume of gas to be injected per cycle 
to lift a 642.95 ft. long liquid column from a depth of 3940 ft. is cal-
culated to be equal to 5046.681 scf/cycle. This volume is greater than 
the current volume being injected to the well under current conditions 
and, in consequence, the fallback factor should also be greater than its 
assumed value. For this reason, the valve mechanic equation should be 
used to find the initial liquid column length so that the fallback factor 
can be estimated.

3. Calculation of the production pressure at valve’s depth (Pto) just before 
the pilot valve opens

  Using the valve mechanic equation with the valve’s area ratio R and 
its calibration pressure Ptr, the production pressure is given by:

P P
R

R

P

R
.

.

. .
.

1
774 372

1 0 15

0 15

715

0 15
378 56 psigcvoto

tr= −
−





+ = −
−





+ =

Bt=0.9714
3d2=0.971432.4412=5.7882 Br/Mft.

ρf=0.433w−1−w141.5ºAPI+131.5
=0.4330.1−0.9141.523+131.5=0.4

002 psi/ft.

Qprod=qfTcycle1.44Bt=125.1434.3
881.445.7882=516.29 ft.

Qini=Qprod1−F Dov=516.291−0.0
53.94=642.95 ft.

Pto=−Pcvo1−RR+PtrR=−774.3721
−0.150.15+7150.15=378.56 psig
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4. Calculation of the actual initial liquid column length
  To find the initial liquid column length, iterations such as those pre-

sented in the previous problem should be performed using the follow-

ing equation: 
ρ

=
−

Q
P P f

f
ini

to wh g .

Q
.

.

.
.

378 56 60 1
3 94
54

0 4002
779 01ft .

.

ini1

1 524

=
− +





=

Q
.

. .

.
.

378 56 60 1
3 94 0 77901

54
0 4002

782 42 ft .

.

ini2

1 524

=
− + −





=

Q
.

. .

.
.

378 56 60 1
3 94 0 78242

54
0 4002

782 44 ft .

.

ini3

1 524

=
− + −





=

5. Calculation of the liquid fallback factor F
  With the initial liquid column length estimated in point (4) and the 

produced liquid column calculated in point (2), the fallback factor F is 
calculated as:

=

−

=

−

=F

Q Q

Q
D

. .
.

.
.

782 44 516 29
782 44

3 94
0 0863

ini prod

ini

ov

  Even though this calculated value of F is greater than 0.05 initially as-
sumed, it is not a very large fallback factor so that the productivity index 
can be calculated in an approximate way as shown in the next step.

6. Productivity index J calculation:
  The productivity index is calculated from several parameters, in-

cluding the current fallback factor calculated in point 5. For this pur-
pose, the following terms must be calculated first:

= = =c FD 0.0863(3.94) 0.34m ov

  The true liquid pressure gradient can be approximated using the 
following equation:

. . .0 167 0 00143API 0 13411psi /ft .tρ = − =

  The maximum drawdown A′ is calculated next:

A P P
D

D D
.

. . .

1
54

1300 60 1
3 94

54
4 3 94 1000 0 13411 1225 15556 psi

sbh

.

t

.

wh
ov

1 524

pt ov

1 524

ρ( )
( ) ( )

′ = − +





− − = − +





− − =

Qini=Pto−Pwhfgρf

Qini=378.56−601+3.94541.5240.4
002=779.01 ft.

Qini=378.56−601+3.94−0.779015
41.5240.4002=782.42 ft.

Qini=378.56−601+3.94-
0.78242541.5240.4002=782.44 ft.

F=Qini−QprodQiniDov=782.44−5
16.29782.443.94=0.0863

cm=FDov=0.0863(3.94)=0.34

ρt=0.167−0.00143API=0.13411 p
si/ft.

A9=Psbh−Pwh1+Dov541.524−Dp
t−Dovρt=1300−601+3.94541.52
4−4−3.9410000.13411==1225.1

5556 psi
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  Where Dov is the pilot valve’s depth, equal to 3.94 Mft. and Dpt is 
the top of perforations depth equal to 4 Mft. The productivity index J is 
then calculated using Eq. 12.32:

ρ
ρ

ρ( )=
−

′ −
′ −









J

. B

T T

A c Q
A Q

1 44
ln

f

f

f

t

cycle val

m ini

ini

J
. .

. . .

. . . .

. . .
.

1 44 5 7882

34 388 6 05 0 4002
ln

1225 15556 0 34 782 42 0 4002

1225 15556 782 42 0 4002
0 15 Br/(psi-D)

( )
( )

( )
( )=

−
−

−








 =

7. Optimum cycle time calculation using Eq. 10.27 and assuming that a 
new pilot valve has been installed and the liquid fallback factor is now 
equal to F = 0.05 (using the productivity index J calculated in point 6)

  Calculation of necessary parameters:

γ ρ ( )( )
( )( )= = =J

. B

. .

. .
.

1 44

0 4002 0 15

1 44 5 788
0 0072

1
min

f

t

  With the pilot valve’s depth Dov in Mft. and the liquid slug velocity in 
Mft./min (assumed to be equal to 1 Mft./min), the following parameters 
are calculated:

γ[ ] ( )= =   =C D v . . .exp / exp 0 0072 3 94 /1 1 028774at4 ov

= = =c FD 0.05(3.94) 0.197m ov

= − = − =C c1 1 0.197 0.8032 m

  The initial value of the cycle time to start iterations, T1, can be equal 
to three times the depth of the pilot valve divided by the average liquid 
slug velocity, estimated equal to 1 Mft./min:

T D v3 / 3(3.94)/1 11.82 minat1 ov= = =

  The equation that is used in the iterations to find the optimum cycle 
time is Eq. 10.27:

γ

γ
( )

( )( )

= − −
−



 −

γ γ+ −
T T

T T

e c C e

C C
1

n n
n

T T1
c

m 4

2

2 4

n n

  Where Tc is:

γ
( )( )

=
− −γ γ

γT
e C e c C

e C C

T T

Tc
4 m 4

2 4

n n

n

J=1.44BtTcycle−TvalρflnA9−cmQin
iρfA9−Qiniρf

J=1.445.788234.388−6.050.400
2ln1225.15556−0.34782.420.40
021225.15556−782.420.4002=0.

15 Br/(psi-D)

g=ρfJ1.44Bt=0.40020.151.445.788
=0.00721min

C4=expgDov/vat=exp0.00723.94/1
=1.028774

cm=FDov=0.05(3.94)=0.197

C2=1−cm=1−0.197=0.803

T1=3Dov/vat=3(3.94)/1=11.82 min

Tn+1=Tn−Tc−TngegTn−cmC4
2e−gTngC2C4−1

Tc=egTn−C4egTn−cmC4gegTnC2C4
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  With T1 = 11.82 min:

( )  =. . .exp 0 0072 11 82 1 08883

T
. . . .

. . . .
.

1 08883 1 028774 1 08883 0 202668

0 0072 1 08883 0 803 1 028774
8 21753 minc

( )( )
( ) ( )=

− −
=

T .
. .

. . . . .

. . .

.11 82
8 21753 11 82

0 0072 1 08883 0 197 1 028774 0 918417

0 0072 0 803 1 028774
1

53 5978 min2 2( ) ( )
( )

= −
−

−  −
=

  With T2 = 53.5978 min:

( )  =. . .exp 0 0072 53 5978 1 47094

T
1.47094 1.028774 1.47094 0.202668

0.0072 1.47094 0.803 1.028774
64.09656 minc

( )( )
( )( )( )=

− −
=

T 53.5978
64.09656 53.5978

0.0072 1.47094 0.197 1.028774 0.679835

0.0072 0.803 1.028774
1

36.358 min3 2( )( ) ( )
( ) ( )

= −
−

−  −

=

  Following the iterations in this way, the optimum cycle time is 
found to be equal to 30.4457 min/cycle.

8. Calculation of the initial liquid column length and liquid production at 
the optimum cycle time

  The liquid column generation time, Tf, is equal to the total cycle time 
Tcycle minus the gas injection time Toc, which is equal to the depth of the 
operating valve divided by the liquid slug velocity (equal to 1 Mft./min)

T T T T D v/ 30.4457 3.94/1 26.5057 minf atcycle oc cycle ov= − = − = − =

  To calculate the wellhead production pressure referred to the depth 
of the pilot valve, the following equation is used for the gas factor fg:

= +



 = +



 =f

D .
.1

54
1

3 94
54

1 113297
. .

g
ov

1 524 1 524

  Therefore, the production pressure at depth due to the gas column 
along the production tubing is Pwhfg = 60 (1.113297) = 66.7978 psig. On 
the other hand, the calculations of the terms that are needed to find the 
initial liquid column length are repeated next:

γ ρ ( )( )
( )( )= = =J

. B

. .

. .
.

1 44

0 4002 0 15

1 44 5 788
0 0072

1
min

f

t

exp0.007211.82=1.08883

Tc=1.08883−1.0287741.08883−0.
2026680.00721.088830.8031.0287

74=8.21753 min

T2=11.82−8.21753−11.820.00
721.08883−0.1971.02877420.9
184170.00720.8031.028774−

1=53.5978 minexp0.007253.5978=1.47094

Tc=1.47094−1.0287741.47094−0.
2026680.00721.470940.8031.0287

74=64.09656 min

T3=53.5978−64.09656−53.597
80.00721.47094−0.1971.02877
420.6798350.00720.8031.0287

74−1=36.358 min

Tf=Tcycle−Toc=Tcycle−Dov/vat=3
0.4457−3.94/1=26.5057 min

fg=1+Dov541.524=1+3.94541.524=1.113297

g=ρfJ1.44Bt=0.40020.151.445.788
=0.00721min
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= = =c FD 0.05(3.94) 0.197m ov

ρ ( ) ( )= − −
+









= −

+








 =. w w

.

.
. . .

.

.
.0 433 1

141 5

º API 131 5
0 433 0 1 0 9

141 5

23 131 5
0 4002 psi/ ft .f

. . .0 167 0 00143API 0 13411psi/ ft .tρ = − =

A P P
D

D D

.
. . .

1
54

1000

1300 60 1
3 94

54
4 3 94 10 0 134 1225 15556 psi

sbh

.

t

.

wh
ov

1 524

pt ov

1 524
3

ρ( )
( ) ( )

′ = − +





− − =

− +





− − =

  The initial liquid column length is then calculated using Eq. 10.17:

Q
A e

e c

. e

. e .
.

1

1000

1225 1556 1

1000 0 4002 0 197
0 63527 Mft .

T

f
T

. .

. .ini
m

0 0072 26 5057

0 0072 26 5057

f

fρ
( )

( )
( )

( ) ( )
=

′ −

−
=

−

−
=

γ

γ

( )

( )

  The liquid production qf is given by Eq. 10.19:

q Q B FD
T

. .

. .
.

.

1
1440

0 63527 Mft . /cycle 5 7882
Br

Mft .

1 0 05 3 94
1440 min/D

30 4457 min/cycle
139 65 STBL/D

f ini t ov
cycle

( ) [ ]

( )

= − = 





−  =

  This represents an increment of only 14.5 STBL/D. But this result should 
be viewed with caution because it is based on a productivity index (calcu-
lated with a fallback factor of 0.08) that could be in error due to the fact 
that it was obtained from an initial liquid column length calculated from 
the valve’s force–balance equation, which is highly inaccurate. Because the 
volume of gas injected per cycle is less than its required value, it is far bet-
ter to estimate the liquid fallback losses and the productivity index from 
downhole pressure surveys as explained in Section 12.3. The moderate in-
crease in liquid production might not justify the cost of running a pressure 
survey and replacing the current pilot valve. It might be a better solution 
to reduce the cycle time (to lift smaller liquid columns) by increasing the 
injection gas flow rate or use a surface intermetter to force the pilot valve 
to remain open until the required volume of gas is injected per cycle.

Problem 12.5
Analyze the operation of a choke-control intermittent gas lift well with the 
following characteristics and operational conditions.

Pilot valve: spring-loaded, injection-pressure-operated valve with area ra-
tio equal to 0.15, main port diameter of 32/64 in., and test-rack closing pres-
sure Ptr = 950 psig. The surface injection opening pressure (Pcso) is 950 psig  

cm=FDov=0.05(3.94)=0.197

ρf=0.433w−1−w141.5ºAPI+131.5
=0.4330.1−0.9141.523+131.5=0.4

002 psi/ft.ρt=0.167−0.00143API=0.13411 p
si/ft.

A9=Psbh−Pwh1+Dov541.524−Dpt
−Dov1000ρt=     1300−6
01+3.94541.524−4−3.941030.134

=1225.15556 psi

Qini=A9egTf−11000ρfegTf−cm=1
225.1556e0.007226.5057−110000
.4002e0.007226.5057−0.197=0.63

527 Mft.

qf=QiniBt1−FDov1440Tcycle=   0.63527Mft./c
ycle5.7882BrMft.1−0.053.941440min/D30.4457min/

cycle=139.65 STBL/D
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and the surface injection closing pressure (Pcsc) is 856.85 psig. The injec-
tion opening pressure at valve’s depth (Pcvo) is 1055.1 psig and the injection 
closing pressure also at valve’s depth (Pcvc) is 950.28 psig. The average gas 
compressibility factor (zga,apert.) in the annulus at the opening pressure is 
0.844 and at the closing pressure (zga,close.) is 0.8556.

Gas and liquid properties:

Lift gas specific gravity (Gg): 0.7; water cut (w): 10%; oil API gravity: 23°API; 
formation gas/liquid ratio: 300 scf/STBL.

Production tubing ID: 2.441 in.; production tubing OD: 2.875 in.; casing ID: 
6.366 in.; surface gas injection line ID: 2.067 in.; length (L) of the surface gas 
injection line: 2000 ft.; operating valve’s depth: 3940 ft.; time in which the 
pilot valve remains open (Tval): 4.28 min; total cycle time (Tcycle): 20 min; sur-
face injection gas flow rate (Qgi): 544.58 Mscf/D; wellhead minimum pro-
duction pressure (Pwh): 60 psig; static reservoir pressure (Psbh): 400 psig; top 
of perforation temperature (Tres): 151.2°F; top of perforations depth: 4 Mft.; 
liquid production (qf): 248 Br/D.

Solution

1. Verification of the surface injection gas flow rate and wellhead pressure 
measurements

  The volume of gas injected per cycle calculated from the surface 
injection gas flow rate and the number of cycles in 1 day is:

v
Q T

.

.

.
.

1 44

544 58 20

1 44
7563 61 scf /cycleCgs

gi cycle ( )= = =

  The volume of gas injected per cycle is now calculated from the 
opening and closing pressures using the equations presented in Sec-
tion 12.2.1 (Eqs (12.1) to (12.14)). The annulus volumetric capacity, Ba in 
ft.3/Mft., is:

B . D D . . . .5 45415 5 45415 6 366 2 875 175 95 ft . / Mft .a IDcasing
2

OD tubing
2 2 2 3( ) ( )= − = − =

  The volumetric capacity of the surface gas injection line, Bl in  
ft.3/Mft., is:

B . D . . .5 45415 5 45415 2 067 23 3028 ft . /Mft .l IDgasline
2 2 3( ) ( )= = =

  The gas compressibility factor in the surface gas injection line can 
be approximated as:

= − + = − + =z P1 0.00019385( 14.7) 1 0.00019385(950 14.7) 0.81299csogl

vgsC=QgiTcycle1.44=544.58201.44
=7563.61 scf/cycle

Ba=5.45415DID casing2−DOD tubing2=5.454156.3662−2.8752=175.95 ft-
.3/Mft.

Bl=5.45415DID gasline2=5.454152.0672=23.3028 ft.3/Mft.

zgl=1−0.00019385(Pcso+14.7)=1−

0.00019385(950+14.7)=0.81299
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  The injection gas temperature at valve’s depth, Tv in °F, is found from 
the depth of the valve, Dov in Mft., using the following equation:

= + = + = °T D15.6 88.8 15.6(3.94) 88.8 150.264 Fv ov

  The volume of gas injected per cycle supplied by the surface gas 
injection line, vgl in scf, is calculated from the surface injection opening 
pressure Pcso, the surface injection closing pressure Pcsc, the volumetric 
capacity of the gas injection line Bl, the length of the surface injection 
line L in Mft., and the gas compressibility factor zgl:

v
. B L P P

z

. . .

.
.

35 374

545

35 374 23 3028 2 950 856 85

545 0 81299
346 59 scf /cyclecso csc

gl
l

gl

( ) ( ) ( ) ( )
( )=

−
=

−
=

  The volume of gas that enters the surface injection gas line through 
the surface choke while the subsurface pilot valve is opened, vge in scf, 
is found from:

v
Q T

.

. .

.
.

1 44

544 58 4 28

1 44
1618 61 scf /cyclege

gi val ( )= = =

  The gas supplied by the annulus per cycle is calculated by:

v
. B D

T

P P

z

P P

z

. . .

.

.

.

. .

.
.

35 374

1005

35 374 175 95 3 94

1005 150 264

950 1055 1

0 844

856 85 950 28

0 8556
5595 23 scf /cycle

cso cvo csc cvc
ga

a ov

v ga,apert. ga,close.

( )

=
+

+
−

+











=

=
+

+
−
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=

  The total volume of gas injected per cycle is equal to vga + vgl +  
vge = 5,595.23 + 346.59 + 1618.61 = 7560.43 scf/cycle. This volume is 
very close to the volume calculated earlier from the measured surface 
gas flow rate Qgi and the number of cycles in one day, thus the surface 
measurements of the gas flow rate and the wellhead pressures must be 
reasonably accurate and there should be only one gas injection point 
into the production tubing.

2. The following two calculations are performed: (1) calculation of the pro-
duced liquid column length from the daily liquid production and the 
number of cycles per day, and (2) calculation of the initial liquid column 
at valve’s depth just before the pilot valve opens assuming a fallback 
factor of 0.05:

  The volumetric capacity in Br/Mft. of the production tubing is:

( )= = =B . d . . .0 97143 0 97143 2 441 5 7882Br/ Mft .t
2 2

Tv=15.6Dov+88.8=15.6(3.94)+88.8=150.264 °F

vgl=35.374BlLPcso−Pcsc545z
gl=35.37423.30282950−856.8
55450.81299=346.59 scf/cycle

vge=QgiTval1.44=544.584.281.44=
1618.61 scf/cycle

vga=35.374BaDov1005+TvPcso+
Pcvozga,apert.−Pcsc+Pcvczga,cl
ose.=   =35.374175.953.941
005+150.264950+1055.10.844−

856.85+950.280.8556=5595.23 sc
f/cycle

Bt=0.9714
3d2=0.971432.4412=5.7882 Br/Mft.
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  The liquid pressure gradient is:
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  Where w is the water cut expressed from 0 to 1.
❏ The produced liquid column is calculated from the daily liquid pro-

duction qf, the total cycle time Tcycle, and the volumetric capacity of 
the production tubing Bt:

Q
q T

. B . .
.

1 44

248 20

1 44 5 7882
595 08 ft .f

prod
cycle

t

( )
( )= = =

❏ If a liquid fallback factor of 0.05 is assumed, the initial liquid column 
length at valve’s depth at the moment the pilot valve opens is given by:

Q
Q

FD1

595.08

1 0.05 3.94
741.01 ft .ini

prod

ov ( )=
−

=
−

=

  Following the steps described in Eq. 10.32 (not shown here), the re-
quired volume of gas to lift a liquid column of 741.01 ft. of length from 
a depth of 3940 ft. to the surface is calculated to be equal to 5753 scf/
cycle. This volume is smaller than the volume of gas injected per cycle 
calculated earlier and therefore the fallback factor might indeed be es-
timated equal to 0.05 because at the same time, this volume of gas per 
cycle is injected in a time interval that indicates that the slug velocity is 
adequate for minimum liquid fall back losses, from which the produc-
tivity index and the optimum cycle time are calculated next.

3. Productivity index J calculation:
The following parameters need to be calculated before being able 
to calculate the productivity index:

= = =c FD 0.05(3.94) 0.197m ov

The true liquid pressure gradient is approximated with the following 
equation:

. . .0 167 0 00143º API 0 13411psi /ft .tρ = − =

The maximum drawdown A′ is calculated with the following equation:
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ρf=0.433w−1−w141.5ºAPI+131.5
=0.4330.1−0.9141.523+131.5=0.4

002 psi/ft.

Qprod=qfTcycle1.44Bt=248201.445
.7882=595.08 ft.

Qini=Qprod1−F Dov=595.081−0.0
53.94=741.01 ft.

cm=FDov=0.05(3.94)=0.197

ρt=0.167−0.00143ºAPI=0.13411 
psi/ft.

A9=Psbh−Pwh1+Dov541.524−D
pt−Dov1000ρt=400−601+3.945
41.524−4−3.941030.134==325.1

555 psi
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Where Dov is the depth of the operating valve, equal to 3.94 Mft. and 
Dpt is the top of perforations’ depth, equal to 4 Mft. The productivity 
index J is then calculated using Eq. 12.32:

ρ
ρ

ρ( )=
−

′ −
′ −
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1 44
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ln

325.1555 0.197 741.07 0.4002
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4. Calculation of the optimum cycle time (keeping the time Tval constant):
Necessary parameters:

γ ρ ( )( )
( )( )= = =

J

. B

. .

. .
.

1 44

0 4002 2 9591

1 44 5 788
0 142

1

min
f

t

With the depth of the valve Dov in Mft. and the liquid slug velocity in 
Mft./min (assumed to be equal to 1 Mft./min), the rest of the neces-
sary parameters to calculate the optimum cycle time are found:

γ[ ] ( )= =   =C T . . .exp exp 0 142 4 28 1 83634 val

= = =c FD 0.05(3.94) 0.197m ov

= − = − =C c1 1 0.197 0.8032 m

The initial cycle time to begin the iterations, T1, can be estimated 
as equal to three times the time interval in which the pilot valve re-
mains open (3Tval):

T T3 3(4.28) 12.84 min1 val= = =

The equation used for the iterations to get the optimum cycle time 
is Eq. 10.27:

γ

γ
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Where Tc is:

γ
( )( )

=
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γT
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4 m 4
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With T1 = 12.84 min:

( )  =. . .exp 0 142 12 84 6 1921

J=1.44BtT−TvalρflnA9−cmQiniρfA
9−Qiniρf

J=1.445.788220−4.280.4002ln325.
1555−0.197741.070.4002325.1555
−741.070.4002=2.9591 Br/(psi-D)

g=ρfJ1.44Bt=0.40022.95911.445.78
8=0.1421min

C4=expgTval=exp0.1424.28=1.8363

cm=FDov=0.05(3.94)=0.197

C2=1−cm=1−0.197=0.803

T1=3Tval=3(4.28)=12.84 min

Tn+1=Tn−Tc−TngegTn−cmC4
2e−gTngC2C4−1

Tc=egTn−C4egTn−cmC4gegTnC2C4

exp0.14212.84=6.1921
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With T2 = 10.68 min:
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Continuing the iterations in this way, the optimum cycle time is 
found to be equal to only 9.9841 min/cycle.

5. Adjustment of the surface gas flow rate Qgi to achieve the optimum 
cycle time:

As it is shown here, it is not always possible to achieve the optimum 
cycle time. Currently, the instantaneous gas flow rate through the 
pilot valve (when it opens) is (using Eq. 12.20):

Q
v v .

T
Q

. . .

.
. .

1 44 5595 23 346 59 1 44

4 28
544 58 2543 69 Mscf /Dgiinst

ga gl

val
gi

( ) ( )=
+

+ =
+

+ =

It is assumed that this instantaneous gas flow rate should not change 
significantly when the surface gas flow rate Qgi is adjusted. Addition-
ally, it is also assumed that the value of (vga + vgl) is not going to 
change if the surface gas flow rate is adjusted within reasonably 
small values. The total cycle time Tcycle is equal to the time in which 
the liquid column is regenerated, Tf, plus the time in which the pilot 
valve remains open, Tval. Additionally, Tf and Tval can be expressed as 
functions of the surface gas flow rate Qgi and the instantaneous gas 
flow rate through the gas lift valve Qgi inst, derived from Eqs. 12.19 
and 12.20, respectively, as follows:

( ) ( )=
+

=
+

=T
. v v

Q

. . .

Q

.

Q

1 44 1 44 5595 23 346 59 8556 22
f

ga gl

gi gi gi

Tc=6.1921−1.83636.1921−0.1971
.83630.1426.19210.8031.8363=19.

5919 min

T2=12.84−19.5919−12.846.1921−

0.1971.836320.16150.8031.8363−1
=10.68 min

exp0.14210.68=4.5565

Tc=4.5585−1.83634.5565−0.1971
.83630.1424.55650.8031.8363=11.

9599 min

T3=10.68−11.9599−10.684.5565−

0.1971.836320.219460.8031.8363−

1=10.037 min

Qgi inst=vga+vgl1.44Tval+Qgi=55
95.23+346.591.444.28+544.58=254

3.69 Mscf/D

Tf=1.44vga+vglQgi=1.445595.23+3
46.59Qgi=8556.22Qgi
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Thus, the total cycle time can be approximated using the following 
equation (obtained from Eq. 12.21) for different values of the surface 
gas flow rate, assuming that vga, vgl, and Qgi inst remain more or less 
constant:

=
−

+T
.

. Q

.

Q

8556 22

2543 69

8556 22
cycle

gi gi

Table 12.1 shows how Tcycle, Tf and Tval change for different values of 
the surface gas flow rate.
As can be seen in the table, it is not possible to reduce the total cycle 
time to values less than 13.49 min. This is due to the increment that 
Tval experiences. In reality, the sum (vga + vgl) is going to increase with 
increasing value of the surface gas flow rate, so that the minimum 
total cycle time would be even greater than the one shown in the 
table. The only way to reduce the total cycle time is by reducing 
(vgl + vga) which can be done if the pilot valve is replaced with a new 
one with a lower area ratio (this is acceptable in this case because 
the volume of gas currently injected per cycle is greater than its re-
quired value). Tval, on the other hand, can be reduced if the new pilot 
valve also has a greater main port diameter.
If it is decided to increase the surface injection gas flow rate without 
replacing the gas lift valve, it might be possible that the increment in 
the liquid production is going to be very small and at the expense of 
a considerable increase in the injection gas/liquid ratio. To demon-
strate this point, the calculations of the new liquid production and 
injection gas/liquid ratio for a liquid column regeneration time Tf = 9 
minutes are presented next.
Following the steps described in Eq. 10.17 to obtain the liquid col-
umn length for a liquid column regeneration time of Tf = 9 min, it is 
found the initial liquid column length to be Qini = 620.3 ft.

Tval=1.44vga+vglQgi inst−Qgi=
1.445595.23+346.592543.69−Q

gi=8556.222543.69−Qgi

Tcycle=8556.222543.69−Qgi+855
6.22Qgi

Table 12.1 Results for Different Injection Gas Flow Rates

Qgi Mscf/D Tcycle (min) Tf (min) Tval (min)

600 18.66 14.26 4.4
800 15.6 10.69 4.9
1000 14.09 8.56 5.54
1200 13.49 7.13 6.36
1400 13.59 6.11 7.48
1600 14.41 5.34 9.06



81912.2  Analysis of the operation of wells with intermittent gas injection

The production pressure Pto just before the pilot valve opens is then:
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The gas injection opening pressure would then be:
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For which the surface opening pressure is Pcso = 956.44 psig. 
The closing pressure can be considered constant and equal to 
Pcsc = 856.85 psig. With these pressures, the gas supplied by the an-
nulus and the gas line at each cycle are found to be (using Eqs. 12.1–
12.14): vga = 5989.8 scf/cycle and vgl = 371.12 scf/cycle, respectively.
The surface gas flow rate is then:

Q
. v v
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9
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f
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Assuming that the instantaneous gas flow rate through the pilot 
valve is going to remain constant, Tval is then:

T
v v

Q Q

1.44 1.44 5989.8 371.12
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6 minval
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Thus the total cycle time is 9 + 6 = 15 minutes and the daily produc-
tion can be calculated as (using Eq. 10.19):

q
Q

B FD
T1000

1
1440 620.3

1000
5.7882 1 0.05 3.94

1440

15
276.78 STB/Df

ini
t ov

cycle

( ) ( )= − = −  =

The increment in the liquid production is of only 28.77 STB/D but the 
injection gas/liquid ratio increased from (544,580/248) = 2,195.88 scf/
STB to (1,017,750/276.77) = 3,677.24 scf/STB. This means that each 
additional liquid barrel being produced requires an additional gas 
injection volume of 16,446.64 scf.
A new design using a pilot valve with an area ratio equal to 0.07 gave 
the following excellent results: total cycle time = 8.7 min; daily pro-
duction = 367 Br/D; injection gas/liquid ratio = 2,232 scf/Br. It was 
necessary then to replace the gas lift pilot valve to maximize the liq-
uid production in the most efficient way possible.

Pto=ρfQini+Pwhfg=0.4002620.3+
601+3.94−0.6203541.524=313.9

550 psig
fg=1+Dov/1000−Qini/1000
541.524=1+3.94−0.620354
1.524

Pcvo=Ptr1−R−R1−RPto=9501−

0.15−0.151−0.15313.9550=1062
.24 psig

Qgi=1.44vga+vglTf=1.445989.8+37
1.129=1017.75 MscfD

Tval=1.44vga+vglQgi inst−Qgi=1.445989.8+371.122543.69−1017.75=-
6 min

qf=Qini1000Bt1−FDov1440Tcycle=620.310005.78821−0.053.9
4144015=276.78 STB/D
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Additional examples of troubleshooting analyses of wells with simple 
type completions are presented in Section 12.6. These additional examples  
are presented to familiarize the reader with cases in which some of the data 
are either unreliable or totally missing, which was not the case in the previ-
ous examples.

The troubleshooting calculation procedure for a double-packer accumula-
tion chamber is presented next. Unloading valves are analyzed in the same 
way as explained earlier for simple type completions. The operating valve, 
on the other hand, requires a different treatment. A double-packer accumu-
lation chamber is shown in Fig. 12.3, where: Dov is the operating valve’s 
depth in feet, Dch is the depth in feet of the perforated nipple through which 
the liquids enter the annulus of the chamber, and Ch is the effective length 
of the chamber in feet.

The initial true liquid column length (Qc in feet) above the perforated nipple 
(through which the liquids go from the dip tube to the chamber’s annulus) is 
calculated (initially as if the accumulation chamber has not been completely 
filled) based on: the measured daily liquid production qf in STB/D, the mea-
sured cycle time Tcycle in minutes, the liquid pressure gradient ρf in psi/ft. 
(calculated from the water cut and the oil API gravity), the accumulation 
chamber volumetric capacity bch in Br/Mft., the estimated fallback factor F, 

■■ FIGURE 12.3 Double-packer accumulation chamber installation.
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and the estimated true liquid pressure gradient ρt in psi/ft., with the follow-
ing equation:

ρ
ρ( )=

−






Q
q T

. b FD1 44 1 /1000
f f

t
c

cycle

ch ch 
(12.35)

Where the right hand side of the equation has been multiplied times (ρf/ρt) 
so that Qc is the true liquid column (taking into account the gas present in 
the liquid). The value of Qc calculated using the earlier equation is reliable 
only if: (1) the volume of gas injected per cycle is greater than or equal to 
the required volume of gas calculated from the energy balance equation, 
and (2) the liquid slug velocity is around 1000 ft./min. If the volume of gas 
injected per cycle is less than its required value or the liquid slug velocity 
is very large or very small, the fallback factor is going to be greater than 
0.05 Mft.−1 and impossible to estimate from the operating valve’s force–
balance equation for chamber installations (unless the liquid level is above 
the upper packer). This is a considerable limitation on the troubleshooting 
calculation procedure compared to simple type completions. It is important 
to mention that if the bleed valve port is not properly sized, the liquid level 
in the annulus of the accumulation chamber can be below the liquid level in 
the dip tube and anywhere between the two packers. If that is the case and 
the liquid level in the tubing is above the upper packer, then the calculated 
value of the fallback factor (estimated from the force–balance equation or 
even a downhole pressure survey) could be very large when in reality the 
problem is that the chamber might be mostly filled with gas.

All troubleshooting analyses must include the calculation of the required 
volume of gas injected per cycle, which is calculated in the same way as for 
simple type completions (explained in Eq. 10.32) but with the corrections 
explained for chamber lift design in Section 10.7. The required volume of 
gas injected per cycle should be compared to the actual volume being in-
jected, which is equal to [1000 Qgi/(number of cycles per day)] in scf/cycle 
if the surface gas flow rate Qgi is expressed in Mscf/D.

The calculated value of Qc could be greater than Ch. Shown in Fig. 12.4 is 
the case in which the accumulation chamber is completely filled with liquids 
and the liquid level is a distance Ych above the upper packer when the operat-
ing valve opens.

If the calculated initial column length Qc is greater than Ch, the value of Ych 
can be found by:

( )=
−

Y
Q C b

Bch
c h ch

t 
(12.36)

Qc=qfTcycle1.44bch1−FDch/1000ρ
fρt

Ych=Qc−ChbchBt
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Where Bt is the volumetric capacity of the production tubing above the up-
per packer in Br/Mft. In this case, the production pressure used in the valve 
force–balance equation for the operating valve is:

ρ= +P Y P ftto ch wh g (12.37)

But if Qc is smaller than Ch, the production pressure at the moment the valve 
opens is only equal to the wellhead pressure plus the hydrostatic pressure 
due to the gas column above the operating valve, that is:

=P P fto wh g (12.38)

With this calculated value of Pto (and if the operating valve is in good work-
ing condition) the surface injection opening pressure Pcso can be calculated 
using Eqs. 12.28–12.30 (depending on the type of valve) to compare it to 
the measured surface opening pressure. However, if the operating valve 
has failed open, the maximum measured surface injection pressure must be 
slightly greater than the surface pressure Pmax calculated from the following 
expression:

ρ
=

+
P

L P f

f
t

max
tubing wh gt

gc 
(12.39)

Pto=ρtYch+Pwhfg

Pto=Pwhfg

Pmax=Ltubingρt+Pwhfgtfgc

■■ FIGURE 12.4 Double-packer accumulation chamber with the liquid level above the 
upper packer when the operating gas lift valve opens.
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Where Ltubing is the length of the liquid slug once it has completely entered 
the production tubing (this length is equal to Qcbch/Bt); fgt and fgc are the 
gas factors used to calculate the gas pressure at depth in the tubing and in 
the casing annulus, respectively. The maximum measured surface injection 
pressure must be slightly greater than Pmax because an additional pressure 
is required to overcome the friction generated by the movement of the slug 
(it is already in motion when the injection gas enters the production tubing). 
The average slug velocity should be estimated by measuring the elapsed 
time between the moment the operating valve opens and the time the slug 
reaches the surface (both events can be appreciated on the two-pen pressure 
chart as presented in Fig. 12.2). The average slug velocity is approximately 
equal to (Dch + Ch) divided by this measured elapsed time. The slug velocity 
should be approximately equal to 1000 ft./min so that the liquid fallback 
losses can be minimized. This velocity can be reached if the gas lift system 
can provide an adequate gas flow rate. If the volume of gas injected per 
cycle and the gas flow rate through the pilot valve are acceptable, the fall-
back factor F can be assumed to be between 0.04 and 0.06. If the liquid level 
is deeper than or equal to the upper packer’s depth, the productivity index J 
can be found from the following equation:

ρ
( )( )

( )
=J

. b A

t

1 44 lff

f

ch

 
(12.40)

Where t is the liquid accumulation time in minutes, ρf is the fluid gradient 
in psi/ft. calculated from the water cut and the oil °API gravity, bch is the 
chamber volumetric capacity in Br/Mft., and Alff is given by:

ρ
ρ
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′ −
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1000
lff

t

t
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c 
(12.41)

Where, as indicated earlier, Qc is the true liquid column in feet (taking into 
consideration the free gas in the liquid) inside the chamber just when the 
operating valve opens and A′ (the maximum drawdown) is:

ρ( )′ = − − + A P D D P fsbh tpt ch wh g (12.42)

Where Psbh is the static reservoir pressure in psig, Dpt is the perforations’ 
depth in feet, Dch is the depth of the perforated nipple in feet, ρt is the true 
liquid pressure gradient in psi/ft. (which takes into account the gas in the 
liquid column), Pwh is the minimum wellhead production pressure in psig, 
and fg is the gas factor that is used to calculate the pressure at depth from 
the surface gas pressure. Note that in Eq. 12.40, ρf is used instead of ρt. This 
is because Eq. 12.40 is derived from the daily liquid production in barrels 

J=1.44bchAlfftρf

Alff=lnA9−FDch/1000QcρtA9−Qcρt

A9=Psbh−Dpt−Dchρt+Pwhfg
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of liquid per day (without gas). On the other hand, the way Eq. 12.41 is ex-
pressed does not contradict Eq. 12.40 because Qcρt is equal to Q′ρf, where 
Q′ is the length of the liquid column without gas in the chamber.

Finally, once the productivity index J has been calculated, the optimum 
cycle time can be estimated from Eq. 10.115 given for accumulation cham-
ber design, which is basically the same for simple type completions but 
with factors A′, cm, and a modified for accumulation-chamber installation 
as shown in Section 10.7.

If it is necessary, the cycle time can be changed by increasing or decreas-
ing the surface gas flow rate in choke control intermittent gas lift, using  
Eq. 12.21 as a guide.

If time cycle controllers are used, the cycle time can be changed by chang-
ing the time in which the controller remains closed (Toff). If the volume of 
gas injected per cycle is not adequate, it can be changed by varying the time 
in which the controller is opened (Ton). It should be emphasized once again 
that this last action cannot be done for choke-control intermittent gas lift, in 
which the volume of gas injected per cycle can only be significantly varied 
by changing the operating gas lift valve (increasing or decreasing the area 
ratio of the valve).

A complete troubleshooting analysis of a double-packer accumulation 
chamber using downhole temperature and pressure surveys is presented in 
Section 12.3.3, Example #7.

Damaged gas lift valve with its internal check valve in good working condi-
tions.
If the gas lift valve has failed open (damaged bellows in single-element 
valves or the piston of a pilot valve is stuck open), the minimum injection 
pressure is usually very low because the gas in the annulus is almost all 
completely injected into the tubing at each cycle. Another characteristic that 
helps identify a damaged gas lift valve is the fact that the difference between 
the maximum and minimum injection pressures is considerably larger than 
the expected spread of the valve. This differential pressure could be very 
large and the pressure peaks are usually rounded (instead of sharp and well-
defined peaks).

The case in which a well with a damaged gas lift valve can produce on 
intermittent gas lift is different from the one in which there is a tubing-an-
nulus communications because in the latter case the wells usually produce 
liquid slugs that are very large and many times even larger than what the 
reservoir pressure could provided. This is due to the fact that, in wells with 
tubing-annulus communications, a good part of the liquid being produced 



82512.2  Analysis of the operation of wells with intermittent gas injection

accumulates in the annulus at the beginning of each cycle. But wells with 
tubing-annulus communications and very low reservoir pressure are easily 
mistaken as wells with a damaged valve (with its internal check valve in 
good condition). The only way to verify that a communication does exist 
is many times only possible by using sonic devices to check if the liquid 
level in the annulus is changing in time or by performing a communication 
test as explained in Section 11.5.1. Fig. 12.5 shows a pressure chart from a 
well with a damaged operating valve. Wells producing in this manner would 
require very large flow rates to operate them on continuous flow if the main 
port diameter of the operating damaged valve is very large, which is usually 
the case for pilot valves.

The mechanism by which a well with a damaged valve produces on inter-
mittent gas lift is explained as follows (there is no liquid accumulation in 
the annulus):

j At the beginning of the liquid column generation period, the 
pressures in the production tubing at valve’s depth and in the casing 
are increasing and not only is the injection pressure less than the 
production pressure, but also the production pressure increases faster 
than the injection pressure does at this stage of the cycle. The injection 
pressure is low because the annulus is almost entirely vented every 
time the liquid slug is produced.

j Eventually, the rate at which the liquid column is regenerated begins 
to decline because of its own hydrostatic pressure exerted against 
the formation. At that time, the injection pressure also continues to 

■■ FIGURE 12.5 Wellhead pressure behavior of a well with a damaged gas lift valve.
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increase at a declining rate but now the injection pressure is increasing 
faster than the production tubing pressure.

j When the injection pressure becomes equal to the production pressure 
at valve’s depth, gas injection into the tubing begins. Due to the large 
port diameter of the damaged valve, the gas flow rate into the tubing 
could be very large. This allows the liquid slug to rise to the surface at 
an approximately constant velocity, even though the injection pressure 
is only slightly greater than the hydrostatic pressure of the liquid slug 
plus the friction pressure drop generated by the slug movement. This 
velocity is usually very low and, in consequence, the fallback losses 
tend to be very large, especially when the injection gas begins to flow 
into the tubing. However, as the liquid slug travels toward the surface, 
its length decreases and therefore its velocity increases, so that the 
instantaneous fallback losses are not as pronounced by the time the 
slug reaches the surface. Due to the large overall fallback losses and 
the fact that the annular pressure is reduced to a very low pressure 
at the end of every gas injection cycle, the injection gas/liquid ratio 
is usually very large. When gas injection into the tubing begins, the 
liquid slug must be accelerated from a velocity equal to zero: this is 
very inefficient because the injection pressure is very similar to the 
production pressure, so it takes a while to start the liquid slug moving 
upwards at an acceptably high velocity. This is the reason why the 
pressure peaks are not sharp but rather rounded. In contrast, when 
there is a tubing-annulus communication, the liquid in the annulus 
enters the tubing first and then, when the gas enters the tubing, the 
liquid has already acquired a velocity greater than zero with the 
following consequences: (1) the liquid fallback losses that take place 
when the gas enters the tubing are reduced, and (2) the gas injection 
pressure is greater than the static pressure of the gas and liquid in the 
tubing because the injection gas has to overcome the friction pressure 
drop of the liquid slug moving upwards in the tubing.

The way to analyzed the operation of the well with a damaged valve (when 
there is no liquid accumulation in the annulus) is by calculating the ini-
tial liquid column length knowing that the injection pressure at the valve is 
equal to the tubing pressure (also at valve’s depth) just when gas injection 
into the tubing begins. This is mathematically expressed by the following 
equation, in which all factors are known except the initial liquid column 
length (called Qini):

ρ= +P f P f Q fmax gc wh gt ini (12.43)Pmaxfgc=Pwhfgt+Qiniρf
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Where Pmax is the maximum injection pressure measured at the surface in 
psig, fgc is the gas factor that is used to calculate the gas pressure at depth in the 
annulus, fgt is the gas factor that is used to calculate the gas pressure at depth in 
the tubing, Pwh is the minimum wellhead production pressure in psig, and ρf is 
the liquid pressure gradient in the tubing in psi/ft. (calculated with Eq. 12.23).

Pressure–depth diagrams at different times during the cycle are shown in 
Figs. 12.6–12.8 (from the beginning of the cycle, when liquids are begin-
ning to accumulate at the bottom of the tubing above the damaged valve, 
until the injection gas is just about to enter the production tubing).

■■ FIGURE 12.6 Beginning of the liquid column generation time.

■■ FIGURE 12.7 Approximately half of the final liquid column has been generated: the 
rate of increase of the injection pressure becomes greater than the rate of increase of 
the production pressure (even though both rates of pressure increment are declining).
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Qini calculated using 12.43 is compared to the produced liquid column, 
which is calculated by:

( )( )
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Where Bt is the volumetric capacity of the production tubing in Br/Mft. 
given by Eq. 12.25, Qprod is the length of the produced liquid column in feet, 
Tcycle is the measured total cycle time in minutes, qf is the measured daily 
liquid production in Br/D. The fallback factor F can then be estimated from:
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F is the fraction (from 0 to 1) of the liquid column that is not produced to 
the surface per each Mft. of depth of the gas injection point. Dov is the depth 
of the point of injection in feet. It is possible that the fallback losses would 
be much greater than 0.05 due to the highly inefficient nature of operat-
ing through a damaged gas lift valve. As previously mentioned, these large 
liquid fallback losses and the uncontrolled gas injection into the tubing at 
each cycle make the injection gas/liquid ratio be very large for this type of 
operation.

The productivity index can be calculated using the equation previously given 
for operations with undamaged gas lift valves, Eq. 12.32. With the produc-
tivity index already calculated, the optimum cycle time can be found from 

Qprod=TcycleminqfBr/D1440min/DBt
Br/Mft.Mft./1000ft.

F=Qini−Qprod/QiniDov/1000

■■ FIGURE 12.8 Just before gas injection through the damaged gas lift valve begins.
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the equation given for intermittent gas lift design, Eq. 10.22. The cycle time 
could be adjusted to the optimum cycle time by changing the surface injec-
tion gas flow rate. But it is better to optimize the operation of the well by in-
stalling a new valve so that the injection gas/liquid ratio can be reduced. The 
troubleshooting analysis is important in this case anyway because its results 
(such as the optimum cycle time) can be used in the design of the new pilot 
valve. An intermediate solution (though still not very efficient) is to install 
a surface time cycle controller with the following advantages: (1) the gas 
can be injected at a large flow rate into the annulus throughout the time the  
liquid slug is traveling to the surface, allowing a fast annular pressure in-
crease and helping the liquid slug to achieve a higher velocity; and (2) the 
total cycle time can be adjusted independently of the gas injection time, 
which helps optimize the efficiency of the method. However, this solution 
is still inefficient because, once the controller closes, the annulus is vented 
without control to very low pressures.

Intermittent gas injection through an orifice valve.
Many times engineers with no experience in gas lift operations tend to think 
that by installing a time cycle controller (intermitter) at the surface, the use 
of pilot valves can be avoided because the job can be equally done with 
orifice valves (which are cheaper and not as complex regarding their in-
ternal parts). But operating the well in this way will cause the following 
inconveniences:

j Once the controller closes, the annular injection pressure will drop 
without control to very low values. This causes unnecessarily large 
injection gas consumption. When the controller opens in the next cycle, 
it will take a long time to pressurize the annulus in order to be able to 
overcome the hydrostatic pressure of the liquid and gas columns in the 
tubing.

j Just as it is the case for damaged gas lift valves, once the injection gas 
in the annulus reaches the tubing pressure, the gas injection into the 
tubing begins with the disadvantage that the liquid must be accelerated 
from a velocity equal to zero. The acceleration is performed with 
a gas injection pressure that is only slightly higher than the tubing 
pressure, which causes large liquid fallback losses at the beginning of 
the injection cycle. To improve the operation of the well, the orifice 
diameter must be very large so that gas can be injected at a very large 
flow rate even with a small pressure difference across this orifice.

Thus, trying to produce a well in this fashion has the same difficulties en-
countered when trying to operate a well with a damaged gas lift valve. As 
previously mentioned for the case of a damaged gas lift valve, the advantage 
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in using time cycle controllers is that the time in which the controller is 
closed can be adjusted, making it longer or shorter, to optimized the liquid 
production (the well could produce liquids almost at its full potential but 
with a very large injection gas/liquid ratio). Additionally, because the con-
troller allows a very large flow rate, the injection time can be reduced, which 
is another important advantage.

The inefficiency of the intermittent gas lift method through an orifice valve 
is inversely proportional to the diameter of the orifice. Small orifice diam-
eters cause small injection gas flow rates and, therefore, very slow liquid 
slug velocities and large fallback losses.

If the well is producing on intermittent gas lift through an orifice valve, 
the troubleshooting analysis is performed in the same way as explained for 
a well with a damaged gas lift valve with its internal check valve in good 
condition: use Eqs. 12.43–12.45 to find the liquid fallback losses and then 
use Eqs. 12.32 and 10.22 to find the productivity index and the optimum 
cycle time, respectively.

Intermittent gas lift in wells with an orifice valve is many times involuntarily 
induced when the orifice diameter is very large compared to the one that is 
required for continuous gas injection under current operational conditions. 
This is usually a consequence of a very low reservoir pressure that main-
tains a low production pressure so that very high gas injection flow rates are 
needed to produce the well on continuous gas lift in a stable manner.

Casing–tubing communication.
When there is an annulus–tubing communication, the produced liquid slugs 
are usually greater than the ones the reservoir pressure could generate, by 
itself, in the tubing. This is due to the accumulation-chamber effect that 
takes place when the liquid accumulates in the annulus and in the tubing at 
the same time. But it must be kept in mind that if the reservoir pressure is 
very low, annulus–tubing communications are easily mistaken as wells with 
a damaged gas lift valve and the only way to identify the problem is by a 
communication test or by using sonic devices to measure the liquid level in 
the annulus to see if it is fluctuating. The communication test and the use 
of sonic devices are explained in Sections 11.5.1 and 11.5.3, respectively.

When there is an annulus–tubing communication, the liquid that has accumu-
lated in the annulus enters the tubing first, followed by the injection gas. When 
the gas behind the liquid enters the tubing, the liquid has already acquired a 
velocity greater than zero, introducing the following consequences: Liquid 
fallback losses are somewhat reduced and the injection pressure at the mo-
ment the gas begins to enter the tubing must be greater than just the  hydrostatic 
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pressure due to the liquid column that has generated in the tubing plus the gas 
pressure above it. This increase in the injection pressure is caused by the fact 
that the gas injection pressure should overcome the friction generated by the 
movement of the liquid slug in the tubing. This greater injection pressure peak 
makes troubleshooting calculations more difficult. The measured maximum 
surface injection pressure must be slightly greater than the surface pressure 
Pmax calculated from Eq. 12.39; therefore, this equation can only be used to 
have an idea of the initial liquid column length (which is one of the parameters 
that can be used to identify an annulus–tubing communication).

Annulus–tubing communications can be easily and quickly identified by the 
following operational conditions: a large difference between the maximum 
and minimum injection pressure, long cycle times, and usually a very large 
liquid production per cycle (depending on the reservoir pressure). Usually, 
the maximum injection pressures are larger than the ones found in intermit-
tent gas lift through a damaged gas lift valve (with its internal check valve 
in good condition), but this difference in maximum injection pressures be-
comes smaller as the reservoir pressure declines. The surface injection pres-
sure pattern is determined by many factors, the most important ones being: 
size of the communication and its location along the tubing with respect to 
the static liquid level, the surface injection gas flow rate, and the reservoir 
pressure. Fig. 12.9 shows typical behaviors of the wellhead pressures in 
wells with casing–tubing communications.

When there is an annulus–tubing communication, the productivity index 
cannot be calculated using the equation presented before for accumulation 
chambers because: (1) it is very difficult to estimate the liquid fallback factor, 
and (2) the liquid level in the annulus could rise at a very different rate that it 
does in the tubing. The productivity index could be calculated following an 

■■ FIGURE 12.9 Wellhead pressure patterns of two wells with annular–tubing communication and high reservoir 
pressures.
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iterative procedure with well’s dynamic models, but the problem in this case 
is that the size of the communication should be known a priori (so that the 
model can calculate the pressure drop across the communication). Using Eqs. 
12.43–12.45 to find the liquid fallback factor is extremely unreliable because 
these equations can give very large to very small values of the liquid fallback 
factor (even negative values). The problem in this case is that the volume of 
gas injected per cycle can go from volumes that are less than the required val-
ue to lift the liquid slug to the surface to very large values that might be many 
times larger than the required volume of gas to be injected per cycle. In the 
latter case, the liquid fallback factor might be negative because once “even a 
very small fraction” of the initial liquid slug is produced to the surface, the 
rest of the liquid slug that was left behind, together with additional liquids 
coming from the reservoir, are produced with the very large “tail gas” that 
enters the tubing afterward (while the annular pressure is dropping to very 
low pressures). Large volumes of gas injected per cycle are not uncommon 
when the size of the communication is large and the well has from moderate 
to high reservoir pressure.

Annulus–tubing communications can take place in one of the following 
ways:

j A hole in the production tubing.
j A damaged single-element gas lift valve with its internal check valve 

also damaged. A pilot valve with its piston stuck open is in fact an 
annular–tubing communication if the check valve is incorporated 
inside the piston.

j An unseated valve in a gas lift mandrel.
j The production packer has failed and allows the flow of gas and liquids 

through it.
j There is an annular–tubing communication at the wellhead. If the 

communication is large and the well does not produce any liquids, 
the wellhead is usually at a temperature lower than usual. In humid 
climates, the low wellhead temperature is identified because water 
droplets can be seen on the surface of the wellhead.

The liquid level in the annulus fluctuates when there is a casing–tubing 
communication. A description of the proper way of using sonic devices to 
measure the liquid level in this case is given in Section 12.4 and a more thor-
ough explanation on sonic devices is given in chapter: Continuous Gas Lift 
Troubleshooting. A special wellhead injection pressure behavior with peri-
odic variations caused by an annular–tubing communication (resembling an 
intermittent gas injection) is presented in Figs. 11.58–11.62, for a case in 
which the liquid production and the gas injection are in reality continuous 
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and, therefore, this case cannot be analyzed as if the well was producing on 
intermittent gas lift.

12.3 PRESSURE AND TEMPERATURE SURVEYS FOR 
WELLS ON INTERMITTENT GAS LIFT
The procedures to perform and analyze downhole pressure and temperature 
surveys for intermittent gas lift are presented in the section. The objective of 
these surveys is to find the following parameters:

j The true liquid pressure gradient in the production tubing.
j The production pressure and temperature at the operating valve’s depth 

just before this valve opens.
j Gas lift valve’s opening and closing pressures.
j The liquid fallback, productivity index, and the optimum cycle time.

The type of survey that is described here is not designed for reservoir analy-
sis. The data obtained in the survey should be kept in the well’s files to serve 
as a reference for future troubleshooting analyses or to be able to predict the 
behavior of the well under different conditions, such as new mandrel spac-
ing, higher injection pressures, etc.

12.3.1 Survey procedure
It is usually easy to know if the point of injection is indeed the pilot valve 
designed as the operating valve. This is due to the fact that pilot valves ex-
hibit a typical behavior easy to identify: a spread larger than expected from 
single-element valves and a steep drop of the annular injection pressure ev-
ery time the pilot valve opens. It is customary that wells on intermittent gas 
lift have single-element unloading valves and a pilot valve at the operating 
point of injection. Thus, if all valves are working properly, it is easy to know 
if the operating valve corresponds to the pilot valve. However, sometimes it 
is not easy to know which, of all the valves installed in the well, corresponds 
to the current point of injection. Some of the reasons for this uncertainty are: 
(1) the pilot valve has failed, (2) the well has not been unloaded to the design 
operating point; (3) the pilot valve itself behaves as a single-element valve 
on intermittent gas lift, or (4) the well was designed for continuous gas lift 
and it is behaving in an intermittent fashion. For all of these cases, there is 
a type of survey that can be used to identify the point of injection, in which:

j Each stop of the sensors at a particular depth should have a minimum 
duration of two or three complete cycles.

j For each valve, the first stop is located 25 ft. above the gas lift mandrel. 
This stop is done with the purpose of measuring the maximum and 
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minimum temperatures just above the valve and verify if there is a 
local cooling effect by comparing these temperatures with the ones 
taken below the gas lift mandrel.

j The second stop for each valve is just below the mandrel. This is done 
to measure the maximum and minimum production pressures as close 
as possible to each gas lift valve.

j The third and final stop for each valve should be done 50 ft. below the 
gas lift mandrel. This stop is carried out to compare the production 
temperatures with the ones obtained 25 ft. above the gas lift mandrel.

The valves that show a maximum injection pressure less than the maximum 
production pressure (both pressures measured at valve’s depth) should cor-
respond to valves located below the actual point of injection. The valve for 
which its maximum injection pressure is greater than the maximum produc-
tion pressure (at valve’s depth) and, at the same time, shows a temperature 
drop when comparing the temperatures above and below the valve, should 
be the operating point of injection.

When the operating valve has been identified, the following steps and rec-
ommendations can be taken to evaluate the operation of a well on intermit-
tent gas lift by running and analyzing a different type of downhole survey:

j The well should be tested 1 or 2 days before the survey to know the 
current production of the well. It is very important that the cycle time 
during the test be equal to the cycle time during the survey. For this 
reason, it is important to install the wellhead pressure chart recorder 
during the test and during the survey. If it is possible, it is preferable to 
begin the well test the day before the survey and keep the well flowing 
to the test separator throughout the survey. The minimum well test time 
should be of 24 h.

j Use electronic pressure and temperature sensors with a scan rate of at 
least one measurement every 20 s. A safety device (“no-flow” latch) 
to prevent wireline tools from being blown up the tubing should be 
included in the set of wireline tools run in the well with the sensors. 
Run small diameter sensors to minimize flow restriction and the 
chances of the tools being blown up the well. Available sensors can go 
from ¾ to 1¼-in. OD sensors. The following set of wireline tools (from 
top to bottom) are recommended: a rope socket, 5 ft. 1¼-in. stem, 
“no-flow” latch(es), 10 ft. 1¼-in. stem, and pressure and temperature 
sensors (use 1-in. stems if 1-in. OD sensors are being used). If possible, 
use two pressure sensors and two temperature sensors, just in case one 
of the sensors fails. It is better to use independent sensors specifically 
designed to measure the temperature (like RTDs) instead of relying on 



83512.3  Pressure and temperature surveys for wells on intermittent gas lift

the temperature sensors installed as part of the pressure sensors, which 
are used to compensate the pressure readings for temperature changes. 
In any case, be aware of the response time of the temperature sensors 
because it might take a long time for them to measure the actual 
surrounding temperature.

j Do not close the well to production or change the surface gas injection 
flow rate during the first phase of the survey (not even when installing 
the lubricator). The communication between the well and the separator 
should be maintained at all time during the survey.

j Install the pressure chart recorder at the wellhead and verify the 
accuracy of the wellhead pressure sensors with an accurately calibrated 
manometer. At the beginning of the survey and prior to opening 
the lubricator, wait for one or two cycles to corroborate the actual 
cycle time. Verify also that the clock of the chart recorder is working 
properly and set it for 12 or 24 h per revolution.

j Install the lubricator and check (with the appropriate wireline tools): 
the total depth of the well (or the depth of the standing valve), the 
operating valve’s depth, and the conditions of the production tubing. 
This should be quickly done during the liquid column generation time.

j Just after a slug has been produced, open the lubricator and run the 
pressure and temperature sensors in the well to about 15 ft. below 
the wellhead and wait for 5 min if possible. During this first stop, the 
wireline tools should not be very close to the wellhead because if, for 
any reason, the well unexpectedly intermits, the wireline tools might 
hit the lubricator when the liquid slug reaches the surface and the 
wireline might break. The purpose of this first stop is to compare the 
readings from the sensors run in the well with the wellhead pressures 
registered on the two-pen chart recorder or stored in the SCADA 
system.

j Then, lower the sensors down to 15 ft. below the operating valve’s 
depth and wait at that depth for a period of time equal to three 
complete cycles.

j If there is a standing valve installed anywhere along the tubing, it is 
better to pull it out of the well a few days before the well is tested. By 
doing so, the bottomhole pressure at the perforations can be measured 
and the true liquid pressure gradient below the operating valve during 
the well’s normal operation can be determined.

j After the second stop (15 ft. below the operating valve) and if, for any 
reason, the standing valve cannot be pulled out of the well, the survey 
should be performed in the following way:
❏ Staying 15 ft. below the operating valve, the surface gas injection is 

shut off by closing the casing valve at the wellhead and flow control 
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valve at the injection manifold. Both valves should be closed to 
avoid a leak that could pressurize the annulus during the second 
phase of the survey. To avoid opening the operating valve due to 
the increase in the production pressure during the last stages of the 
survey, the casing pressure should be vented to a pressure 50 psig 
below the operating gas lift valve’s closing pressure. For wells with 
a high injection frequency (short cycle times), wait for at least 3 h 
before changing the position of the sensors. For wells with longer 
cycle times, wait for a period of time equivalent to three cycles 
(with the wellhead open to production but with no gas injection).

❏ For the last stop, the sensors are raised above the operating valve 
to a distance equal to the liquid slug length that the well was 
producing prior to shutting off the gas injection (calculated from 
the measured daily liquid production, the number of cycles in one 
day, and the production tubing volumetric capacity). The fact that 
the gas in the liquid slug and the fallback losses are not taken into 
account in the calculation of this distance above the gas lift mandrel 
would allow the sensors to be below the liquid level during this last 
stop, which should last for 5–10 min only. The data taken during 
this stop is used to approximate the true liquid pressure gradient, 
which is the gradient of the liquid with free gas.

j If a standing valve is not installed in the well, the survey (after the 
second stop) should proceed in the following way:
❏ Lower the sensors down to the top of the perforations and stay at 

that depth for a period of three complete cycles, without shutting 
off the surface gas injection into the annulus.

❏ Then, staying at the top of the perforations, shut off the surface gas 
injection by closing the casing gas injection valve at the wellhead 
and the flow control valve at the injection manifold. As indicated 
earlier, both valves should be closed to prevent the annulus from 
being pressurized. To avoid opening the operating valve due to the 
increase in the production pressure during the last stages of the 
survey, the casing pressure should be vented to a pressure 50 psig 
below the operating gas lift valve’s closing pressure.

❏ Once the surface gas injection has been shut off, leave the 
production tubing open to production and wait for at least 3 h 
without changing the position of the sensors in case of wells with 
high injection frequencies. For wells with longer cycle times, wait 
for a period of time equivalent to three cycles with the gas injection 
equal to zero and with the production tubing open to production.

❏ Raise the sensors to 15 ft. below the operating valve and wait 
for only 10 min before pulling the instruments out of the well to 
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finish the survey. This last stop is performed to compare the true 
liquid pressure gradient measured while the well is under normal 
operation with the liquid pressure gradient measured after the gas 
injection has stopped for several hours.

Downhole surveys in wells with very small tubing diameters are very risky. 
This is due to the very high liquid velocity around the wireline tools. The 
following precautions are recommended in this case:

j Select downhole pressure sensors with the smallest outside diameter.
j Install a wellhead pressure chart recorder to measure the cycle time 

and verify that the liquid column generation time is long enough to run 
the sensors in the well down to the top of the perforations before the 
operating valve opens.

j If the travel time of the sensors is shorter than the liquid column 
generation time, lower the sensors as fast as possible down to the top 
of the perforations and leave them at that depth for a period of time no 
shorter than three complete cycles before closing the surface gas injection.

j If the cycle time is very short: wait for the liquid slug to be produced, 
stop the surface gas injection, quickly lower the sensors to the top of 
the perforations and immediately open the gas injection to exactly the 
same flow rate it had before, leaving the sensors at that position for a 
time no shorter than five or six complete cycles.

j After the cycles mentioned in the last two points, shut off the surface 
gas injection to the well and wait in this condition for a period of time 
equal to the equivalent of three cycles. For the final stop, raise the 
sensors for 10 min at a depth of 15 ft. below the operating valve.

If the survey is performed in a well with an accumulation chamber, the sen-
sors should be lowered to a depth just above the standing valve and leave 
them at that depth for two or three cycles. Then, shut off the surface gas 
injection, reduce the casing pressure by 50 psig and, with the sensors still 
above the standing valve, wait for a period of time equivalent to the duration 
of three complete cycles. Then, raise the sensors to the middle of the accu-
mulation chamber (halfway between the two packers) for 10 min and finally 
to the depth of the upper packer for another 10 min.

12.3.2 Survey analysis
With the equations that are presented in the section, the data gathered during 
the survey can be used to find: (1) the true liquid pressure gradient, (2) the 
production pressure and temperature at valve’s depth when it opens, (3) op-
erating valve’s dynamic behavior, (4) liquid fallback losses, (5) productivity 
index, and (6) the optimum cycle time.
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Fig. 12.10 shows typical results from downhole pressure surveys and the 
important measurements at each stop for: (1) a well without a standing 
valve, and (2) a well with a standing valve below the operating gas lift valve.

In Fig. 12.10a (for wells without a standing valve), the first stop is 15 ft. be-
low the wellhead, the second stop is at 15 ft. below the operating valve, the 
third stop is at the top of the perforations, and the fourth stop is done again 
15 ft. below the operating valve. For wells with a standing valve located 
below the operating gas lift valve, the first stop is 15 ft. below the wellhead, 
the second stop is 15 ft. below the operating valve, and the third stop is at a 
distance above the operating valve equal to the produced liquid column per 
cycle, calculated from the liquid production per cycle and the production 
tubing volumetric capacity (the free gas in the liquid and the liquid fallback 
losses are on purpose not taken into account, so that the sensors would be 
located below the liquid level during this last stop).

The minimum pressure at the beginning of the liquid column regeneration 
time does not give any practical information to perform a quantitative analy-
sis: Fig. 12.11 shows the three components of the total downhole pressure 

■■ FIGURE 12.10 Results of downhole 
pressure surveys. (a) Well without standing 
valve and (b) well with standing valve.

■■ FIGURE 12.11 Components of the production pressure at the beginning of the liquid 
column regeneration stage.
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at the beginning of the liquid column regeneration period. It is simply not 
possible to identify each component individually from the simple type of 
survey explained here. These components could be approximately identified 
by using a flow meter below the operating valve, two pressure sensors below 
the liquid level, and a third pressure sensor above the liquid level. The cost 
of such a survey is only justified for a special research project but not for a 
routine survey. Because of all these events taking place at the beginning of 
the liquid column regeneration period, the minimum production pressure is 
usually very high, giving the wrong impression that the fallback losses are 
large, which is not necessarily true.

The true liquid pressure gradient is usually much smaller than the one 
calculated from the water cut and the API gravity of the oil alone. It is 
not unusual to find true liquid pressure gradients equal to only 30–60% 
of the pressure gradient calculated from the water cut and the API gravity 
of the oil. This difference is due to the free gas present in the liquid while  
the liquid column is being regenerated. It is not important to know the 
true liquid pressure gradient when the force-balance equation is used to 
study the actual operation of the valve because the effect of the gas present 
in the liquid on the production pressure at valve’s depth, Pto, is negligible: 
this pressure depends on the total volume of liquid accumulated above the 
operating valve and not on how the liquids are distributed in a long or short 
column (if the liquid column is long, the true liquid pressure gradient is 
small and vice versa, thus as long as the total volume of liquid is the same, 
the production pressure at valve’s depth will also be the same). However, 
it is important to know the true pressure gradient to be able to estimate 
the productivity index and the optimum cycle time, or when accumulation 
chambers are being analyzed.

The best estimate of the true liquid pressure gradient, ρt in psi/ft., is obtained 
if a standing valve is not installed in the well, for which the following equa-
tion is used:

ρ =
−

−

P P

Dt
3,avg 2,avg

3 2 
(12.46)

Where P3,avg and P2,avg are the average pressures for the third and second 
stops, respectively, just before the valve opens, and D3–2 is the vertical dis-
tance between the second and the third stops, see Fig. 12.10a. If the well has 
a standing valve, the true liquid pressure gradient can be estimated from the 
last two stops, pressures P2F and P3 (see Fig. 12.10b), but this is only an ap-
proximation because these pressures do not represent the conditions when 
the well is in normal operation.

ρt=P3,avg−P2,avgD3−2
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Once the true liquid pressure gradient is calculated, the production opening 
pressure at valve’s depth is calculated from the following equation:

ρ= − ∆P P H( ) tto 2,avg (12.47)

Where ∆H is the vertical distance between the gas lift valve and the pressure 
sensor below it during the second stop (∆H is recommended to be equal to 
15 ft.). It is also convenient to measure the temperature if nitrogen-charged 
valves are used because for intermittent gas lift it is extremely difficult to 
estimate the temperature around the valve just before it opens.

Once the production pressure and temperature at valve’s depth are known, 
the performance of the valve can be investigated from the force-balance 
equation if the gas injection annular pressure at valve’s depth has been accu-
rately determined. The valve’s area ratio R can be obtained from the force-
balance equation as:

= −
−

R
P P

P P
cvo

cvo

bt

to 
(12.48)

Where Pbt is the calibration closing pressure if the valve is spring loaded, for 
which it is called Ptr. For nitrogen-charged valves, Pbt is the dome pressure 
at operating conditions. Pbt can be determined from the nitrogen pressure at 
test-rack conditions, P′b, which is in turn calculated from the valve’s test-
rack opening pressure as indicated in Section 12.2.2.

Eq. 12.48 can be used in several ways. For example, it can be used to calcu-
late the opening injection pressure, Pcvo, because Pbt, Pto, and R are known. 
This calculated pressure Pcvo is compared to the measured surface injec-
tion opening pressure, Pcso, multiplied times the gas factor fg. If these two 
pressures are not approximately equal, it is possible that: (1) the wellhead 
pressure sensor is giving wrong measurements, (2) the gas lift valve has 
a different calibration pressure, for which the true value of Pbt could be 
calculated using Eq. 12.48 with the measured pressure Pcso times fg as Pcvo, 
or (3) it is also possible that the valve in the mandrel has an area ratio dif-
ferent from the one reported in the design, in which case the value of R is 
calculated with Eq. 12.48 assuming that Pbt is correct and using: the value of 
Pcvo estimated from the measured surface pressure Pcso and the value of Pto 
obtained from the survey (if the calculated value of R coincides with another 
commercially available area ratio, a valve different from the one stipulated 
in the design has been installed in the well). If the value of R does not coin-
cide with any of the commercially available area ratios, the problem could 
be a calibration error made at the shop.

Pto=P2,avg−(∆H)ρt

R=Pcvo−PbtPcvo−Pto
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Following all these calculations, many questions that the optimization per-
sonnel might have with respect to the observed surface injection pressure 
behavior can be answered. Some of these pressure behaviors are:

j An abnormally large spread (which gives more volume of gas injected 
per cycle than expected). This might be caused by an area ratio R 
greater than the one reported in the design.

j An abnormally small spread (which give less volume of gas injected 
per cycle than expected). This might be caused by an area ratio R 
smaller than the one reported in the design

j A very low opening pressure (which causes a slow liquid slug velocity 
and large liquid fallback losses) might be an indication that the valve 
has lost its calibration or an error was made at the shop.

j A very high opening pressure, which causes a larger spread and, 
therefore, a greater volume of gas injected per cycle, could also be due 
to a mistake made in the shop during the calibration of the valve or the 
valve’s tail plug has failed (in case of nitrogen-charged valves) and the 
dome pressure is above the value it is supposed to be.

It is important to point out that to perform the calculations mentioned in 
this section, it is necessary to measure very accurately the injection and 
producing pressures at the wellhead (Pcso and Pwh) because errors in the 
calculations of, for example, the downhole pressure Pcvo caused by inaccura-
cies in wellhead pressure measurements might lead to a wrong conclusion 
regarding the calibration of the valve or the actual value of the area ratio R. 
It is also important to know the specific gravity of the injection gas because 
it plays a major role in the calculation of the gas factor fg and, therefore, in 
the calculation of the downhole injection opening pressure Pcvo.

The liquid fallback factor F can also be determined from a downhole pres-
sure survey using the following equation:

( )
=

−
F

Q Q Q

D

/

/1000
ini prod ini

ov 
(12.49)

F represents the fraction of the initial liquid column length Qini that is not 
produced at each cycle per each thousand feet of depth of the point of in-
jection; Dov is the depth of the point of injection in feet; Qprod is the liquid 
column that is produced to the surface at every cycle, in feet, which is cal-
culated from:

=Q
q T

B1440
f

prod
cycle

t 
(12.50)

F=Qini−Qprod/QiniDov/1000

Qprod=qfTcycle1440Bt
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Where qf is the daily liquid production in Br/D, Tcycle is the cycle time in 
minutes, and Bt is the production tubing volumetric capacity in Br/ft. As it 
has been indicated, it is important to measure the liquid production during 
the survey. If this is not possible, the liquid production should be measured 
a few days before or after the survey, with a gas injection frequency equal to 
the one during the survey (because the injection frequency affects the liquid 
production). Due to the impact that Qprod has on the accuracy of the fallback 
factor F calculated with Eq. 12.49, it is important to measure, as accurately 
as possible, the well’s liquid production.

Liquid column Qini, also in feet, is determined from:

j The production pressure Pto, in psig, calculated from Eq. 12.47.
j The wellhead pressure Pwh, measured during the first stop in psig.
j The gas factor fg, calculated using the equations given in chapter: 

Single-Phase Flow (based on the gas specific gravity).
j The liquid pressure gradient ρf in psi/ft., calculated from the water 

cut and the API gravity of the oil. The gas present in the liquid is not 
taken into consideration because Qini is compared to the liquid column 
Qprod (calculated from the well test using Eq. 12.50), which does not 
consider the gas in the liquid either.

The equation to calculate Qini is then:

ρ
=

−







Q

P P f

f

ini
to wh g

 
(12.51)

The liquid pressure gradient is given by:

ρ ( )= + −
+
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(12.52)

Where w is the water cut. Then, Qini and Qprod are apparent liquid columns 
(do not take into account the free gas in the liquid). It is correct to calculate 
the liquid fallback in this way because a given volume of liquid exerts the 
same hydrostatic pressure with or without gas in it.

It is usually the case that liquid fallback losses calculated from pressure 
surveys run in accumulation chamber installations are very large, even if 
the volume of gas injected per cycle and the instantaneous injection gas 
flow rate into the production tubing are exactly the ones recommended to 
minimize the liquid fallback losses. When this happens, it is highly probable 
that the chamber annulus is only partially filled with liquid and calculating 
the liquid fallback losses as if the chamber was completely filled with liquid 

Qini=Pto−Pwhfgρf

ρf=0.433w+1−w141.5131.5+API
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is simply a mistake. The person doing the analysis reaches the conclusion 
that the accumulation chamber must be completely filled with liquid at the 
moment the pilot valve opens because the measured downhole pressure in-
dicates that the liquid level in the tubing is at or above the upper packer, 
which might be true even if the annulus is not completely filled with liquid 
because of one, or both, of the following reasons: (1) the liquid that enters 
the annulus has a high gas concentration and what is actually filling the 
chamber is some sort of foam, and/or (2) the gas on top of the liquid in the 
annulus cannot be bled off to the tubing because the bleed valve is plugged 
or its orifice diameter is too small. If one or both of these problems are pres-
ent, the liquid column in the tubing can be longer than the chamber length 
(the liquid column is calculated based on the pressure measured above the 
standing valve just when the operating valve opens), giving the wrong im-
pression that the chamber is completely filled with liquids.

The information gathered after the surface gas injection has been shut off 
during the last part of the third stop for wells without a standing valve below 
the operating gas lift valve, or during the last part of the second stop for 
wells with a standing valve, can be used in two ways:

j To give the optimum cycle time just by visual inspection of the 
pressure survey: it is possible to see that the gas injection frequency 
is too high or the cycles are too long by a simple inspection of the 
way the pressure builds up after the injection has been shut off. It 
can be seen in Fig. 12.12 that the production pressure increases very 
rapidly during the first stages of the liquid column regeneration 
period and then, toward the end of this period, this pressure remains 
almost constant for a long time. Gas should be injected just before the 
end of the stage of fast production pressure increase; otherwise, the 
injection would take place after a period of time in which very little 
liquid is entering the tubing, thereby decreasing the total daily liquid 
production.

j Using the pressure measured at two instants, like P3D and P3E in 
Fig. 12.10a or P2D and P2E in Fig. 12.10b, the productivity index 
and the optimum cycle time can be estimated in an analytical way 
as described later. It is recommended that P3D or P2D, be taken after 
the wellhead pressure has decreased to its minimum value during the 
cycle and allow sufficient time for all the liquid fallback to settle at 
the bottom of the well, so that the increment in the downhole tubing 
pressure is solely due to fluids coming from the reservoir. But points 
P3E or P2E, cannot be taken when the value of the flowing bottomhole 
pressure is above 50% of the reservoir pressure because these pressures 
would be above the practical values of the bottomhole flowing 

■■ FIGURE 12.12 Optimum cycle time 
determination by inspection.
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pressure usually encountered during the normal operation of a well on 
intermittent gas lift for which its production has been optimized.

If there is a standing valve installed in the tubing, the productivity index J 
can be calculated using the following equation:

ρ
ρ
ρ

=
∆

′ −
′ −













J
B

t

A Q

A Q

1440
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f

f

f

t ini

fin 
(12.53)

Where ∆t is the elapsed time (in minutes) between the two pressure mea-
surements after the surface gas injection was shut off (P2D and P2E), Bt is 
the volumetric capacity of the production tubing in Br/ft., ρf is the apparent 
liquid pressure gradient in psi/ft., which is calculated from the water cut and 
the API gravity of the oil without taking into account the free gas present in 
the liquid, A′ is the maximum drawdown (found from Eq. 12.54), Qini is the 
liquid column length above the operating valve at the time of the first se-
lected pressure (P2D), and Qfin is the liquid column above the operating valve 
at the time the second selected pressure (P2E) is registered a time interval ∆t 
later. A′, Qini, and Qfin are given by:

ρ( )′ = − − −A P D D P fsbh tpt ov wh g (12.54)

ρ ρ( ) ( )= − − ∆Q P P f H /t fini 2D wh g (12.55)

ρ ρ( )= − − ∆Q P P f H /t ffin 2E wh g (12.56)

As indicated in Fig. 12.10b, P2D and P2E are the pressures (in psig) ∆H feet 
below the operating valve that correspond to the second stop (right after the 
surface gas injection has been shut off), Psbh is the reservoir static pressure 
in psig, Dpt is the top of the perforations’ depth in feet, Dov is the depth of 
the operating valve expressed also in feet, ρt is the true liquid pressure gra-
dient in psi/ft. (estimated from the last two stops, pressures P2F and P3, see 
Fig. 12.10b), Pwh is the wellhead pressure measured during the first stop in 
psig, fg is the gas factor that is used to calculate the gas pressure on top of 
the liquid column from the wellhead pressure Pwh, and ∆H is the distance 
between the sensors and the operating valve during the second stop, which 
must be approximately equal to 15 ft.

If the well does not have a standing valve installed in the production tubing, 
the productivity index is found from the following equation:

ρ
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∆
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(12.57)

J=1440Bt∆tρflnA9−QiniρfA9−Qfinρf

A9=Psbh−Dpt−Dovρt−Pwhfg

Qini=P2D−Pwhfg−∆Hρt/ρf

Qfin=P2E−Pwhfg−∆Hρt/ρf

J=1440Bt∆tρflnPsbh−P3DPsbh−P3E
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Where P3D and P3E are the pressures indicated in Fig. 12.10a. Once the pro-
ductivity index has been calculated, the optimum cycle time can be found 
using the equations that are given for intermittent gas lift design: Eq. 10.22 
for simple type completions or Eq. 10.115 for double packer chambers. If it is 
necessary, the current cycle time can be adjusted by increasing or decreasing 
the surface gas flow rate in choke control intermittent gas lift, using Eq. 12.21 
as a guide. If time cycle controllers are used, the cycle time can be adjusted 
by changing the time in which the controller remains closed (Toff). If the vol-
ume of gas per cycle is not adequate, it can be changed by varying the time 
in which the controller is open (Ton). The volume of gas injected per cycle 
cannot be significantly changed for choke-control intermittent gas lift, unless 
the pilot valve is replaced by another one with a different area ratio (a larger 
area ratio if more volume of gas is needed or vice versa).

12.3.3 Examples of downhole pressure and 
temperature surveys in intermittent gas lift wells
Several examples of downhole surveys that were run in intermitting gas lift 
wells under different operational conditions are presented in the section. 
Even though these surveys were not carried out following the exact recom-
mended procedure given earlier, they are valuable examples to familiarize 
the reader with downhole pressure surveys for intermittent gas lift.

Example #1

Fig. 12.13 shows the results from a survey that was run in the well in the fol-
lowing way: (1) first stop at 5715 ft. (top of perforations); (2) second stop at 
5606 ft. of depth (15 ft. below the operating valve); and (3) third stop again 
at 5715 ft. During the first part of the second stop, three injection cycles took 
place, followed by a second part in which the surface gas injection was shut 
off to analyze how the production pressure would build up 15 ft. below the 
gas lift valve.

Well data: 7-in. × 26-lb/ft. casing; 2.992-in. production tubing ID; top of 
perforations’ depth: 5715 ft.; operating valve’s depth: 5591 ft.; gas injec-
tion line length: 4000 ft.; gas injection line ID: 2.07 in.; liquid produc-
tion: 180 STB/D; wellhead production pressure: 60 psig; total cycle time: 
35 min; gas injection time through the pilot valve: 5 min; surface injection 
gas flow rate: 357 Mscf/D; volume of gas injected per cycle: 8677 scf/
cycle; water cut 2%; 23°API oil gravity; reservoir pressure: 510 psig. 
The operating valve was a 1.5-in. OD, spring-loaded, pilot valve, model 
WF14R, with an area ratio of 0.239 and a test-rack closing pressure equal 
to 876 psig.
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The liquid pressure gradient (with no gas) calculated from the water cut and 
the oil API gravity is:

ρ = +
+







=. . .
.
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According to the last two measurements taken during the survey (at 5606 
and 5715 ft. with the surface gas flow rate shut off), the true liquid pressure 
gradient is:

ρ ( ) ( )=
− − −

−
=

. .
.

485 14 7 449 14 7

5715 5606
0 33psi / ft .t

The true liquid pressure gradient calculated from the production pressures 
measured at the moment the operating valve opened for the last time at each 
depth (at 5606 and 5715 ft. with the well in normal operation), is:

ρ ( ) ( )=
− − −

−
=

. .
.

337 14 7 308 14 7

5715 5606
0 266 psi / ft .t

It can be appreciated that the true liquid pressure gradient is much smaller 
while the well is in normal operation because more gas is present in the 
liquid. The apparent liquid column above the pilot valve is found using 

ρf=0.4330.02+0.98141.5131.5+23=0.
397 psi/ft.

ρt=485−14.7−449−14.75715−5606
=0.33 psi/ft.

ρt=337−14.7−308−14.75715−5606=
0.266 psi/ft.

■■ FIGURE 12.13 Downhole pressure and temperature survey, example 1.
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Eq. 12.51 from: (1) the liquid pressure gradient (calculated from the water 
cut and oil API gravity), (2) the wellhead minimum production pressure, 
and (3) the pressure at the operating valve found from the pressure measured 
15 ft. below the operating valve when it opens (using the true liquid pressure 
gradient), taking into consideration the fact that the survey measurements 
are in psia and the ones registered in the wellhead chart are in psig (fg is as-
sumed to be approximately equal to unity given the low production pressure 
existing inside the production tubing above the liquid column):

( ) ( )
=

− − −
=Q

. .

.
.

308 psia 14 7 psi 15ft . 0 266 psi / ft . 60 psig

0 397 psi / ft .
577 6 ft .ini

The produced liquid column at each cycle can be calculated using Eq. 12.50 
from the daily liquid production, the cycle time, and the volumetric capacity 
of the production tubing:

= =Q
180 Br /D

1440 min /D
35min /cycle

0.0086963 Br/ft.
503.08 ft. /cycleprod

With the liquid column Qini calculated from the survey and the produced liq-
uid column, the liquid fallback factor F can be calculated using Eq. 12.49 as:

=

−



 =F

577.6 503.08
577.6
5.591

0.023

In other words, approximately 2.3% of the initial liquid column per each 
Mft. of depth of the point of injection is not produced to the surface. This 
small liquid fallback factor was due to several operational conditions: the 
volume of gas injected per cycle was slightly above its required value and 
the liquid slug velocity was around 1100 ft./min.

Using the valve’s force–balance equation, the surface injection opening pres-
sure can be verified. The valve’s opening pressure at depth, Pcvo, is given by:

= − −
= − − −
=

P P RP R( )/(1 )
{876 psig (0.239)[308 psia 14.7 psi (15ft.)0.266 psi / ft.]}/0.761
1060.25psig

cvo tr to

Where Pto is the production pressure in psig at valve’s depth when it opens, 
Ptr is the test-rack closing pressure in psig, and R is the valve’s area ratio. 
The gas factor fg (in the injection annulus) is estimated to be equal to 1.1638 
(using the equations presented in chapter: Single-Phase Flow), so the sur-
face opening pressure is equal to 1060.25/1.1638 = 911 psig. The pressure 

Qini=308 psia−14.7psi−15ft.0.266psi/
ft.−60psig0.397 psi/ft.=577.6 ft.

Qprod=180 Br/D1440 min/D35 min/cy
cle0.0086963 Br/ft.=503.08 ft./cycle

F=577.6−503.08577.65.591=0.023

Pcvo=(Ptr−RPto)/(1−R)=
{876 psig−(0.239)[308 psia
−14.7 psi−(15 ft.)0.266 psi/

ft.]}/0.761=1060.25 psig
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registered on the wellhead chart was equal to 890 psig, which represents a 
2.3% difference in reference to the calculated pressure. This difference is 
within its expected value because of the poor accuracy of the sensors used 
in the two-pen pressure chart recorders and the approximate value of the gas 
specific gravity (used for calculating the gas factor fg, not shown here) which 
was estimated to be equal to 0.72 but its real value could not be verified in 
this case.

With the pressures measured at times 12:00:25 and 13:10:25 (after the 
surface gas injection was shut off), the productivity index J is found from 
Eq. 12.53 (because the gas injection was shut off while the sensors were 
15 ft. below the operating valve and not at the depth of the perforations, 
calculations are made following the equations given for cases in which there 
is a standing valve installed in the well):
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Where,

A′ = [Psbh − ρt(top of perforations depth − operating valve depth) − Pwhfg] 
and Pwh is the wellhead pressure equal to 60 psig. The gas factor can be ap-
proximated as:

= +
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A′ is then:

A′ = 510 psig − 0.266 psi/ft. (5715−5591 ft.) − 60 (1.162 psig) = 407.296 psi

The liquid column at time 12:00:25 is (using Eq. 12.55):

Qini = [321.3 psia − 14.7 psi − 15 ft. (0.266 psi/ft.) − 60 psig(1.162)]/
0.397 psi/ft. = 586.62 ft.

The liquid column at time 13:00:25 is (using Eq. 12.56):

Qfin = [393.24 psia − 14.7 psi −  (15 ft.)0.266 psi/ft. − 60 psig(1.162)]/ 
0.397 psi/ft. = 767.83 ft.

The productivity index J is then equal to:
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J=1440Bt∆tρflnA9−QiniρfA9−Qfinρf

fg=1+valve's depth in Mft.541.524=1+5.
591541.524=1.162

J=1440Bt∆tρflnA9−QiniρfA9−Qfinρf=
14400.0086963700.397ln407.2960−5
86.620.397407.2960−767.830.397=0.

2397 Br/D/psi
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Once the productivity index has been found, the optimum cycle time can be 
calculated using the equation for intermittent gas lift design (Eq. 10.22) giv-
ing in this case a value of 35 min, which is the one the well had at the time of 
the survey. It can be concluded then that the well is optimized with respect 
to the cycle time, the volume of gas injected per cycle, and the velocity of 
the liquid slug.

It can be seen in the survey shown in Fig. 12.13 that, even though the fall-
back factor is very small, the minimum pressure 15 ft. below the valve (at-
tained during a normal cycle) is around 245 psig. If the wellhead pressure 
times the gas factor fg (69 pisg in total) is subtracted from this minimum 
production pressure, the minimum pressure due solely to the liquid column 
is very large and equal to approximately 180 psig. It might be wrongly con-
cluded that the fallback factor has not been correctly calculated, possibly 
because of errors made in measuring the liquid production and it might be 
thought that almost all the liquid remains at the bottom of the well. But, as 
explained in Fig. 12.11, what happens right after the liquid slug has been 
produced to the surface is very complex and it takes place very rapidly. The 
production wellhead pressure decreases very fast, the liquid fallback losses 
are settling at the bottom of the well, and the reservoir is producing liquids 
and gas at the highest rate possible; thus, by the time the wellhead produc-
tion pressure goes down to its minimum value, a good part of the liquid 
column has already been generated.

It can also be observed in Fig. 12.13 that the temperature 15 ft. below the 
operating valve drops about 10°F each time the gas is injected. This is due to 
the expansion of the injection gas through the valve and the fact the liquids 
and gas in the tubing below the valve are pushed downwards, leaving the 
sensors directly exposed to the injection gas temperature. This compression 
of the gas and liquids below the operating valve represents a waste of the 
injection gas energy and it is reflected by the small values of the pressure 
peaks (of approximately 600 psig) that are shown in the survey. This waste 
of energy could have a profound impact if the operating valve was located 
way above the top of the perforations, in which case it is advisable to install 
a standing valve below the operating gas lift valve and as close as possible 
to it. In this example, the distance from the operating valve to the top of the 
perforation is only 124 ft., thus the energy loss is not very important and it 
is not necessary to install a standing valve in the tubing.

The actual temperature increases faster than it is measured by the sensors 
as shown in the figure. This is due to the slow response of the temperature 
sensors. There are sensors with a very fast response time now available that 
would give a more realistic temperature behavior. The response time of the 
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temperature sensors used in the survey constitutes a very important piece of 
information that the person doing the troubleshooting analysis should have.

Fig. 12.13 shows that from the beginning of the survey to point “a” (around 
8:30 am) the sensors were located at the lubricator at a pressure of 14.7 psia. 
Then, the lubricator was opened and the pressure went up to around 65 psia 
(point “b”). From point “b” to “c”, the sensors were lowered only 15 ft. 
below the wellhead so the pressure remained practically equal to the well-
head pressure. At point “c” the pressure began to increase very rapidly, not 
because the sensors were being run deeper in the well, but because a liquid 
slug was arriving at the surface. This took place just when the sensors were 
at their highest risk due to their proximity to the top of the lubricator. If the 
liquid slug drags the wireline tools upwards, the rope socket might impact 
against the top of the lubricator, breaking the wireline so the tools would 
drop to the bottom of the well. Once the slug had surfaced, it is seen in the 
figure that the pressure dropped to the level it had at point “c” and the opera-
tor started lowering the sensors in the well so the pressure began to increase. 
The steps that should have been taken (instead of what was done) are: install 
a two-pen chart recorder, wait for one or two cycles, measure the total cycle 
time, and open the lubricator after making sure that a liquid slug has just 
been produced and the sensors can safely stay 15 ft. below the wellhead for 
the duration of the first stop. The surface gas injection should not be shut 
off during the first part of the survey (unless it is strictly necessary for not 
having enough time to lower the sensors to the bottom of the well before the 
pilot valve opens).

Example #2

Fig. 12.14 shows a survey that was run in the well in the following way: (1) 
the first stop was at a depth of 3434 ft. (top of the perforations); (2) second 
stop at 3248 ft. (23 ft. below the pilot valve); (3) third stop again at 3434 ft. 
During the second stop two cycles took place, followed by several hours in 
which gas was not injected into the well (to see how the production pressure 
would build up 23 ft. below the valve).

Well data: 5½-in. × 17 lb/ft. casing; production tubing ID: 2.441 in.; top of 
perforations’ depth: 3434 ft.; operating valve’s depth: 3225 ft.; gas injection 
line length: 2700 ft.; surface gas injection line ID: 2.07 in.; liquid production: 
60 STB/D; wellhead minimum production pressure: 60 psig; cycle time: 
18 min; gas injection time through the pilot valve: 8 min; surface injection 
gas flow rate: 166 Mscf/D; volume of gas injected per cycle: 2075 scf/cycle; 
water cut: 50%; 20°API oil gravity; reservoir pressure: 650 psig. The well 
had a 1-in., nitrogen-charged, injection-pressure-operated pilot valve with 
an area ratio of 0.164 and a test-rack opening pressure of 659 psig.
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The liquid pressure gradient (with no gas) calculated using Eq. 12.52 from 
the water cut and oil °API gravity is:

ρ = +
+







=0.433 0.5 0.5
141.5

131.5 20
0.418 psi / ft.f

According to the last two measurements taken at the end of the survey (at 
3434 and 3248 ft. with the surface gas flow rate shut off), the true liquid 
pressure gradient is:

ρ ( ) ( )=
− − −

−
=

598.58 14.7 525.97 14.7

3434 3248
0.39 psi / ft.t

The true liquid pressure gradient calculated from the average production 
pressures measured just before the gas lift vale opened at depths of 3434 and 
3246 ft., with the valve in normal operation, is:

ρ ( ) ( )=
− − −

−
=

407 14.7 354.15 14.7

3434 3248
0.284 psi / ft.t

As in the previous example, it can be seen that the true liquid pressure gradi-
ent is smaller while the well is in normal operation because of the larger gas 
content in the liquid.

ρf=0.4330.5+0.5141.5131.5+20=0.41
8 psi/ft.

ρt=598.58−14.7−525.97−14.73434−

3248=0.39 psi/ft.

ρt=407−14.7−354.15−14.73434−32
48=0.284 psi/ft.

■■ FIGURE 12.14 Downhole pressure and temperature survey, example 2.



852 CHAPTER 12 Intermittent gas lift troubleshooting

The liquid column length (from the survey) above the operating valve is 
calculated using Eq. 12.51 from: (1) the water cut and the API gravity of the 
oil, (2) the wellhead pressure, (3) the pressure measured below the valve just 
before it opened (taking into account the fact that the measurements were 
taken 23 ft. below the valve for which the true liquid pressure gradient has 
to be used and also considering that the downhole measurements are given 
in psia and on the surface two-pen chart the pressures are given in psig), and 
(4) considering fg approximately equal to unity (because of the low wellhead 
production pressure of 60 psig):

( ) ( )
=

− − −
=Q

354.15psia 14.7 psi 23ft. 0.284psi / ft. 60 psig

0.418 psi / ft.
652.91ft.ini

The produced liquid column at each cycle is calculated (using Eq. 12.50) 
from the daily liquid production, the total cycle time, and the volumetric 
capacity of the production tubing, as:

= =Q
60 Br/D

1440 min /D
18 min /cycle

0.005788 Br/ft.
129.57 ft./cycleprod

Using Eq. 12.49, the liquid fallback factor F can then be calculated from the 
produced and the initial liquid column lengths:

=

−



 =F

652.91 129.57
652.91
3.225

0.248

In other words, approximately 25% of the initial liquid column per each 
thousand feet of the point of injection depth is not produced. This is a very 
high liquid fallback factor, even for the type of crude being produced. Even 
though the operating valve was properly working, the tubing remained with 
a large liquid content. The total fallback loss was 80% of the initial liquid 
column. This was due to several factors:

j The required injection gas volume per cycle was about 3300 scf/cycle, 
while a volume of only 2075 scf/cycle was being injected (only part of 
the liquid column was reaching the surface).

j The pilot valve remained opened for about twice the time it should 
have and the liquid slug velocity was very low. This is also the reason 
why the slug arrival is barely shown in the two-pen pressure chart. 
The small difference between the upstream and downstream pressures 
across the pilot valve is one factor that makes the injection pressure 
drop very slowly.

Qini=354.15 psia−14.7 psi−23ft.0.284
psi/ft.−60 psig0.418 psi/ft.=652.91 ft.

Qprod=60 Br/D1440 min/D18 min/cycl
e0.005788 Br/ft.=129.57 ft./cycle

   F=652.91−129.57652.913.225=0.248
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Without the survey, it would not have been possible to calculate the liquid 
fallback losses. The valve’s force–balance equation can be used to calculate 
the liquid fallback losses but, as it is shown later, the injection pressure and 
the gas specific gravity were not accurately measured in this case.

The small volume of gas injected per cycle was a consequence of the small 
spread of the valve and the low liquid velocity was due to the low injection 
opening pressure, which also reduced the spread of the valve. The same 
valve, calibrated at a higher pressure, could reduce the large liquid fallback 
losses.

There is also the possibility that the well had not been fully unloaded. Under 
the condition of the well at the time of the analysis, the liquid production 
could have been increased by temporarily increasing the injection frequency 
with the purpose of determining if the well was not fully unloaded: To do 
this, it is necessary to temporarily increase the surface injection gas flow rate 
to very large values, not allowing time for long liquid columns to regenerate 
at the bottom of the well. If this could be achieved, the production pressure 
might be reduced and this low production pressure would in turn increase 
the spread of the valve, making it possible to reduce the surface injection gas 
flow rate back to its designed value (or the value it had at the time the survey 
was run). The gas lift valve needs be replaced only if (after the injection gas 
flow rate is reduced back to its design value) the well begins to load up with 
liquids again.

If the valve has not lost its reported calibration pressure, the valve’s force-
balance equation can be applied to verify the surface gas injection opening 
pressure (Pcso). The dome pressure at test-rack conditions, P′b at 60°F, can 
be found from Eq. 12.31 (with the value of P′r equal to zero):

′ = − = − =P P R(1 ) 659(1 0.164) 550.92 psigb tr

And the dome pressure at operating conditions, Pbt, is found from Eq. 11.4:

= ′ −P P b a( ) ( )bbt

Where a = 0.083 (153°F − 60°F) = 7.719 and b = 1 + 0.002283 (153°F − 
60°F) = 1.212, in which the valve temperature has been assumed to be equal 
to the temperature surrounding the valve during the survey, which was ap-
proximately equal to 153°F. Then Pbt is equal to 659.998 psig and the injec-
tion opening pressure at valve’s depth, Pcvo, is:

[ ]=
−
−

=
− − −

=

P
P P R

R1

659.998 psig 354.15psia 14.7psi 23ft.(0.284psi/ft.) 0.164

0.836
724.16psig

cvo
bt to

P'b=Ptr(1−R)=659(1−0.164)=550.9
2 psig

Pbt=P'b (b)−(a)

Pcvo=Pbt−PtoR1−R=659.998 psig−

354.15 psia−14.7 psi−23 ft.(0.284 psi/
ft.)0.1640.836=724.16 psig
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Where the production pressure measured 23 ft. below the valve during the 
survey at the moment the valve opened (equal to 354.15 psia) has been used 
to calculate Pto. The downhole pressure measurements were given in psia 
so 14.7 psi should be subtracted because the valve calibration equations are 
expressed in psig. With this calculated opening pressure, the surface open-
ing pressure is found to be: Pcso = Pcvo/fg = 724.16/1.08433 = 667.84 psig  
(fg was calculated using the equations given in chapter: Single-Phase Flow, 
not shown here). The measured surface opening pressure was equal to only 
600 psig, which represents a huge difference of approximately 11% with 
respect to the calculated opening pressure. The accuracy of the pneumatic 
pressure sensors used in this case with the two-pen chart recorder is usually 
poor and should always be checked. In some places, these old pneumatic 
sensors are in used for years without verifying their calibration. The other 
factor to be considered in this example is the fact that the gas specific gravity 
was not verified. Even though these calculations give unreliable results in 
this case, they are presented here to illustrate the calculation procedure that 
can be used during the troubleshooting analysis to check the operation of a 
nitrogen-charged gas lift valve.

Example #3

Fig. 12.15 shows a downhole pressure and temperature survey that was run 
in the well in the following way: (1) the first stop was at a depth of 3025 ft. 

■■ FIGURE 12.15 Downhole pressure and temperature survey, example 3.
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(top of the perforations); (2) second stop at 2848 ft. (15 ft. below the pilot 
valve); (3) third stop at 2748 ft. Three cycles took place during the second 
stop, followed by several hours in which gas was not injected into the well 
(to see how the production pressure would build up 15 ft. below the gas lift 
valve).

Well data: 5 ½-in. × 17 lb/ft. casing; tubing ID: 2.441 in.; top of perfora-
tions’ depth: 3025 ft.; operating valve’s depth: 2833 ft.; liquid production: 
80 STB/D; wellhead production pressure: 45 psig; cycle time: 21.5 min; 
injection time through the operating valve: 2 min; surface injection gas flow 
rate: 205.75 Mscf/D; volume of gas injected per cycle: 3072 scf/cycle; wa-
ter cut: 0%; 21°API oil gravity; reservoir pressure: 420 psig. The well had a 
1-in., injection-pressure-operated, nitrogen-charged pilot valve with an area 
ratio of 0.164 and a test-rack opening pressure of 571 psig.

The liquid pressure gradient calculated from the water cut and the oil API 
gravity is (from Eq. 12.52):

ρ =
+







=0.433
141.5

131.5 21
0.4017 psi/ft.f

The last two pressure measurements being considered in the analysis (at 
depths of 2848 and 2748 ft., just at the end the period of time without gas 
injection) give the following true liquid pressure gradient:

ρ = − − −
−

=(315 14.7) (301 14.7)

2848 2748
0.14 psi/ft.t

The true liquid pressure gradient calculated from the measured pressures 
just before the valve opened at the first and second stops is found from:

ρ = − − −
−

=(177.73 14.7) (153.9 14.7)

3025 2846
0.133psi/ft.t

It can be seen that the true liquid pressure gradient is only slightly smaller 
during the normal operation of the well in comparison to the liquid pressure 
gradient determined from the measurements at the end of the survey (last 
stop), but considerable less than the gradient calculated from the water cut 
and oil API gravity.

Initial liquid column length (above the operating valve) calculation (using 
Eq. 12.51 with fg approximately equal to unity):

= − − − =Q
155.4 psia 14.7 psi (15 ft.)0.133psi/ft. 45 psig

0.4017 psi/ft.
233.27 ft.ini

ρf=0.433141.5131.5+21=0.4017 psi/ft.

ρt=(315−14.7)−(301−14.7)2848−27
48=0.14 psi/ft.

ρt=(177.73−14.7)−(153.9−14.7)3025
−2846=0.133 psi/ft.

Qini=155.4 psia−14.7 psi−(15 ft.
)0.133 psi/ft.−45 psig0.4017 psi/f

t.=233.27 ft.
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The produced liquid column per cycle is (from Eq. 12.50):

= =Q
80 Br/D

1440 min/D
21.5min/cycle

0.005788 Br/ft.
206.36 ft./cycleprod

The liquid fallback factor is then calculated from the produced and the ini-
tial liquid column lengths (using Eq. 12.49):

=

−



 =F

233.27 206.36
233.27
2.833

0.04

Then, 4% of the initial liquid column per each thousand feet of depth of 
the point of injection cannot be produced. In Example 2, the liquid fallback 
factor was much larger even though the well had the same pilot valve cali-
brated also at a low opening pressure. However, in this example, the well 
is shallower and with a lower reservoir pressure which made it possible for 
the well to be satisfactorily unloaded and produced with the volume of gas 
per cycle the spread of the valve could provide. Had the volume of gas per 
cycle been just a bit larger in Example 2, the fallback losses would have 
been considerably smaller.

Just as in the previous example, the nitrogen pressure at 60°F, P′b, if found 
from Eq. 12.31 (with the value of P′r equal to zero):

′ = − = =P P R(1 ) 571(0.836) 477.35 psigb tr

The nitrogen pressure at operating conditions, Pbt, is found from Eq. 11.4:

= ′ −P P b a( ) ( )bt b

Where a = 0.083 (136°F − 60°F) = 6.308 and b = 1 + 0.002283 (136°F − 
60°F) = 1.1735 (using the valve temperature measured in the survey equal 
to 136°F). Then Pbt is equal to 553.86 psig and the opening injection pres-
sure at valve’s depth, Pcvo, is found as in the previous examples from:

( )
= −

−
=

− − −  =P
P P R

R

. . . . .

.
.

1

553 86 155 4 14 7 15 0 133 0 164

0 836
635 3psigcvo

bt to

Where the measured value of the production pressure 15 ft. below the operat-
ing valve, equal to 155.4 psia, has been used to calculate Pto. With this open-
ing pressure at depth, the surface gas injection pressure Pcso is determined  
(fg was calculated using the equations given in chapter: Single-Phase Flow, not 
shown here): Pcso = Pcvo/fg = 635.3/1.08238 = 586.94 psig. The measured sur-
face opening pressure is 600 psi. The calculated surface opening pressure is 

Qprod=80 Br/D1440 min/D21.5 min/cy
cle0.005788 Br/ft.=206.36 ft./cycle

F=233.27−206.36233.272.833=0.04  

P'b=Ptr (1−R)=571(0.836)=477.35 p
sig

Pbt=P'b (b)−(a)

Pcvo=Pbt−PtoR1−R=553.86−155.4
−14.7−150.1330.1640.836=635.3 psig
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approximately -2% different from its measured value. This is not unusual for: 
(1) the type of pneumatic instruments commonly used in old two-pen chart 
recorders, like the one in this example, and (2) the uncertainty in the measure-
ment of the gas specific gravity used in the calculation of the gas factor fg.

Even though the optimum cycle time appears to be much longer than its cur-
rent value (by just looking at the survey), the productivity index (calculated 
from the equations given in Example 1) was between 0.3 and 0.5 Br/D-psi,  
for which the optimum cycle time should be equal to approximately any 
value from 18 to 23 min. Thus, the cycle time during the survey was within 
the margin of error of the calculated optimum cycle time and it can be con-
cluded that the well was optimized. It is not always possible then to deter-
mine the optimum cycle time by simple visual inspection of the results from 
the survey. The best way to confirm the optimum cycle time is to test the 
well at different gas injection frequencies and establish which one maxi-
mizes the daily liquid production.

Example #4

Fig. 12.16 shows the results from a survey that was run in the following 
order: (1) the first stop was at a depth of 5590 ft. (top of the perforations); 
(2) second stop at 5196 ft. (15 ft. below the pilot valve); (3) third stop again at 
5590 ft. (which was done the following day and it is not shown in the figure). 

■■ FIGURE 12.16 Downhole pressure and temperature survey, example 4.
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Three cycles took place during the second stop, followed by several hours in 
which gas was not injected into the well (not shown here either) to see how 
the production pressure was building up 15 ft. below the gas lift valve.

Well data: 7-in. × 23 lb/ft. casing; production tubing ID: 3.958 in; top of 
perforations’ depth: 5590 ft.; operating valve’s depth: 5181 ft.; liquid produc-
tion: 160 STB/D; wellhead production pressure: 60 psig; cycle time: 47 min; 
downhole injection time (through the pilot valve): 4 min; surface gas flow 
rate: 236 Mscf/D; volume of gas injected per cycle: 7702 scf/cycle; water cut 
50%; 24°API oil gravity; reservoir pressure: 564 psig. The well had a 1.5-in., 
injection-pressure-operated, spring-loaded pilot valve, model WF14R, with 
an area ratio of 0.426 and a test-rack closing pressure of 688 psig.

The liquid pressure gradient calculated from the water cut and the oil API 
gravity using Eq. 12.52 is:

ρ = +
+







=0.433 0.5 0.5
141.5

131.5 24
0.4135 psi/ft.f

Using Eq. 12.46, the last two measurements (not shown in the figure) con-
sidered in the analysis of the survey after the surface gas flow rate was shut 
off, gave a true liquid pressure gradient of:

ρ = − − −
−

=(554.13 14.7) (402.97 14.7)

5590 5196
0.383psi/ft.t

The true liquid pressure gradient calculated from the measured pressures 
just before the valve opened at the first and second stops is given by:

ρ = − − −
−

=(538 14.7) (385 14.7)

5590 5196
0.388 psi/ft.t

It can be seen that the true liquid pressure gradient during the well’s normal 
operation is only slightly greater than the gradient calculated with the data 
taken after the gas was shut off. In both cases, the true pressure gradient is 
smaller than the one calculated from the water cut and the oil API gravity 
but the difference is not as pronounced as it was in previous examples. This 
reflects a small formation gas/liquid ratio, which is typical of wells with 
large water cuts.

Using Eq. 12.51, the calculation of the initial liquid column length above the 
operating valve (from the survey) is as follows:

=
− − −

=Q
385psia 14.7 psi (15ft.)0.388 psi/ft. 60 psig(1.1498)

0.4135psi/ft.
714.6 ft.ini

ρf=0.4330.5+0.5141.5131.5+24=0.41
35 psi/ft.

ρt=(554.13−14.7)−(402.97−14.7)559
0−5196=0.383 psi/ft.

ρt=(538−14.7)−(385−14.7)5590−51
96=0.388 psi/ft.

Qini=385 psia−14.7 psi−(15 ft.)0
.388 psi/ft.−60 psig(1.1498)0.413

5 psi/ft.=714.6 ft.
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Where (given the fact that the depth of the point of injection is much greater 
than in previous examples) the hydrostatic pressure of the gas column above 
the liquid column has been taken into consideration by multiplying the well-
head pressure of 60 psig by the gas factor, fg, calculated by the following 
equation:

= +



 = +



 =f 1

valve’s depth Mft.

54
1

5.181

54
1.1498g

1.524 1.524

The value of fg just found (1.1498) should in fact be the first value of an 
iteration procedure that must be performed to simultaneously find fg and 
Qini, in which the depth to be used at each calculation of fg should be equal 
to the valve’s depth minus the length of the liquid column and not just the 
valve’s depth as shown in the last equation (because the gas pressure at 
depth is applied on top of the liquid column). In this case, given the fact that 
the wellhead production pressure is very low, this iteration procedure is not 
very important.

The liquid column length, calculated from Eq. 12.50 using the well’s liquid 
production, the total cycle time, and the tubing volumetric capacity, would be:

= =Q
160 Br/D

1440 min/ D
47 min/cycle

0.015218 Br/ft.
343.16 ft./cycleprod

With these liquid column lengths (found from the survey and calculated 
from the well’s production), the fallback factor F is calculated as in previous 
examples using Eq. 12.49:

=

−



 =F

714.6 343.16
714.6
5.181

0.10

This means that 10% of the initial liquid column per each Mft. of depth of 
the point of injection does not reach the surface; therefore, 52% of the initial 
liquid column is not produced. This large fallback factor is due to the fact 
that the tubing diameter is very large (4½-in. tubing) so that the required 
volume of gas to be injected per cycle is also very large. In this case, the 
required volume of gas injected per cycle is equal to 10.2 Mscf/cycle, while 
only 7.7 Mscf/cycle is being injected. Because the instantaneous gas flow 
rate through the gas lift valve for this particular case is adequate to minimize 
the liquid fallback losses, it is only necessary to increase the volume of gas 
to be injected per cycle, which can be achieved by installing the same pilot 
valve but calibrated at a higher opening pressure (because this will increase 

fg=1+valve's depth Mft.541.524=1+5.181541.524=1.1498

Qprod=160 Br/D1440 min/D47 min/cyc
le0.015218 Br/ft.=343.16 ft./cycle

F=714.6−343.16714.65.181=0.10
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the spread of the valve); but this solution is not possible in this case because 
the injection pressure was already too close to the injection opening pres-
sure of the unloading valve right above the operating valve. Two important 
factors are accomplished if the opening pressure of the gas lift valve can be 
increased:

j The spread of the valve is increased, allowing more volume of gas 
injected per cycle (as needed for this well).

j The instantaneous gas flow rate through the pilot valve is also 
increased (not necessary for this example).

Sometimes, it is not possible to increase the injection pressure because: (1) 
this high pressure would be too close to the gas lift system pressure (also 
known as line pressure or manifold pressure) so that the gas flow rate into 
the well would be reduced for not having an adequate pressure differential 
at the manifold, or (2) the high injection pressure would open an unloading 
gas lift valve, which is the situation for this particular well.

The spread of the valve can also be increased by installing a valve with a 
larger area ratio, but this is not possible in this case either because the area 
ratio of the valve currently installed in the well is the highest available area 
ratio.

Then, if the injection pressure and the area ratio of the valve cannot be in-
creased, there are two possible solutions that should be contemplated:

j A surface time cycle controller might be used to force the pilot valve to 
remain open for as long as it is necessary to pass the required injection 
gas volume per cycle while, at the same time, controlling the injection 
pressure so that it would not increase above the maximum permitted 
injection pressure. But this action is only adequate if the instantaneous 
gas flow rate through the pilot valve is high enough to impart a slug 
velocity sufficiently high to minimize the liquid fallback (this cannot 
be achieved if the injection pressure is not high enough). Fortunately, 
in this case the injection pressure is high enough to minimize the liquid 
fallback loses. As indicated numerous times in chapter: Design of 
Intermittent Gas Lift Installations, it is not sufficient to inject all the 
required volume of gas per cycle, it is also important to achieve the 
required instantaneous gas flow rate through the pilot valve.

j The gas lift design can be modified to increase the injection opening 
pressures of all gas lift valves installed in the well and/or replace 
some of the unloading valves with dummy valves if they are no longer 
needed. In this way, the injection opening pressure of the pilot valve 
can be increased.
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Using the valve’s force–balance equation, the surface opening pressure can 
be verified. As indicated in chapter: Gas Lift Valve Mechanics, the injec-
tion opening pressure at valve depth (Pcvo) for a spring-loaded, injection-
pressure-operated valve, is given by:

= − −
= − − −
=

P P RP R( ) / (1 )
{688 psig (0.426)[385psia 14.7 psi (15ft.)0.388 psi / ft.]}/0.574
928.1psig

cvo tr to

Where Pto is the production pressure in psig at valve’s depth just when the 
valve opened, Ptr is the test-rack closing pressure in psig, and R is the valve’s 
area ratio. Using the equations given in chapter: Single-Phase Flow, the gas 
factor, fg, is estimated to be equal to 1.1459; therefore, the surface opening 
injection pressure Pcso is equal to 928.1/1.1459 = 809.9 psig. The measure 
surface opening pressure was 830 psig. The calculated surface opening pres-
sure is approximately −2.4% different from its measured value. This is due to 
poor calibration of the pneumatic sensors used and the uncertainties regard-
ing the actual gas specific gravity (used in the calculation of the gas factor fg).

Following the procedure explained in Example 1, the productivity index and 
the optimum cycle time were calculated: the cycle time should in this case be 
between 20 and 22 min to maximize the liquid production. This can be easily 
verified by a simple inspection of the pressure survey’s results, where it can 
be seen that the cycle time is too long because the production pressure reaches 
a maximum value and stays at that pressure for a long period of time before 
the pilot valve finally opens. The daily liquid production could be more than 
doubled if the surface gas flow rate is increased to reduce the cycle time.

Example #5

Fig. 12.17 shows the results of a survey that was run in the well in the 
following order: (1) First stop at a depth of 3045 ft. (top of perforations); 
(2) second stop at 2891 ft. (15 ft. below the pilot valve); (3) third stop at 
3045 ft. (which was done the following day and it is not shown in the fig-
ure). Three cycles took place during the second stop of the first day, as 
seen in the figure. The second day, the survey was concluded with a stop at 
2891 ft. for several injection cycles followed by a period of time in which 
the surface gas injection was shut off to see how the production pressure 
was building up just below the pilot valve. Then, a final stop was made at 
3045 ft. to determine the true liquid pressure gradient several hours after the 
surface gas injection was shut off (not shown here either).

Well data: 5 ½-in. × 17-lb/ft. casing; tubing ID 2.441 in.; top of perforations 
depth 3045 ft.; pilot valve’s depth 2876 ft.; liquid production: 18 STB/D; 

Pcvo=(Ptr−RPto)/(1−R)={688 p
sig−(0.426)[385 psia−14.7 psi−-

(15ft.)0.388 psi/ft.]}/0.574=928.1 psig
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wellhead production pressure: 60 psig; cycle time: 90 min; pilot valve open-
ing time: 7 min; surface injection gas flow rate: 118 Mscf/D; volume of 
gas injected per cycle: 7375 scf/cycle; water cut 2%; 28°API oil gravity; 
reservoir pressure: 191 psig. The well had a 1-in., nitrogen-charged, injec-
tion-pressure-operated pilot valve with an area ratio of 0.164 and a test-rack 
opening pressure of 915 psig. From the water cut and the oil API gravity, the 
liquid pressure gradient should be (using Eq. 12.52):

ρ = +
+







=0.433 0.02 0.98
141.5

131.5 28
0.385 psi/ft.f

On the other hand, the pressure measurements taken several hours after the 
gas injection to the well was shut off, give the true liquid pressure gradient 
equal to:

ρ =
− − −

−
=

(191 14.7) (163 14.7)

3045 2891
0.18 psi/ft.t

Using Eq. 12.46, the true liquid pressure gradient, also from the survey, 
while the well is in normal operation is:

ρ =
− − −

−
=

(183.5 14.7) (159.85 14.7)

3045 2891
0.153 psi /ft .t

ρf=0.4330.02+0.98141.5131.5+28=0.
385 psi/ft.

ρt=(191-14.7)−(163−14.7)3045−2891=0.18 psi/ft.

ρt=(183.5−14.7)−(159.85−14.7)3045−2891=0.153 psi/ft.

■■ FIGURE 12.17 Downhole pressure and temperature survey, example 5.
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The true liquid pressure gradient during the well’s normal operation is 
smaller than the true liquid pressure gradient after the gas injection has been 
shut off. In both cases though, the true liquid pressure gradient is much 
smaller than the gradient calculated from the water cut and the oil API grav-
ity, which reveals a large formation gas/oil ratio and that the formation gas 
apparently continues to flow long after the surface gas injection was shut off 
(this is confirmed by the small production pressure fluctuations seen during 
the last stages of the liquid column regeneration period as gas bubbles flow 
through the liquid accumulated in the tubing). Using Eq. 12.51 and consid-
ering fg approximately equal to one, the initial liquid column length (from 
the survey) above the pilot valve (at the moment just before the pilot valve 
opens) is estimated as:

=
− − −

=Q
159.85psia 14.7 psi (15ft.)0.153psi/ft. 60 psig

0.385psi /ft.
215.21ft.ini

The liquid column length, calculated using Eq. 12.50 from the well’s liquid 
production, the cycle time, and the volumetric capacity of the production 
tubing, is found from:

= =Q
18 Br/D

1440 min /D
90 min/cycle

0.005788 Br/ft.
194.36 ft./cycleprod

The liquid fallback factor, F, is then calculated using Eq. 12.49 from the 
produced and the initial liquid column lengths just calculated:

=

−



 =F

215.21 194.36
215.21
2.876

0.033

This means that 3.3% of the initial liquid column is not produced per 
each thousand feet of the point of injection depth. This is a very small 
fallback factor and it is due to the fact that the volume of gas injected per 
cycle was 7375 scf, while its required value was only equal to 2200 scf. 
This over injection of more than three times the required volume of gas 
per cycle was due to the large value of the spread of the valve in this 
case.

As in previous cases, the operation of the nitrogen-charged gas lift valve is 
analyzed in the following way:

The dome pressure at 60°F, P′b, is given by:

′ = − = =P P R(1 ) 915(0.836) 764.94 psigb tr

Qini=159.85 psia−14.7 psi−(15 f
t.)0.153 psi/ft.−60 psig0.385 psi/f

t.=215.21 ft.

Qprod=18 Br/D1440 min/D90 min/cycl
e0.005788 Br/ft.=194.36 ft./cycle

F=215.21−194.36215.212.876=0.033

P'b=Ptr(1−R)=915(0.836)=764.94 psig
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The dome pressure at operating conditions, Pbt, is:

= ′ −P P b a( ) ( )bbt

Where a = 0.083 (128°F − 60°F) = 5.644 and b = 1 + 0.002283 
(128°F − 60°F) = 1.1552. The temperature at valve depth of 128°F (mea-
sured during the survey) was used. Then, Pbt is equal to 878 psig and the 
injection opening pressure at valve’s depth, Pcvo, is:

( )
= −

−
=

− − −  =P
P P R

R1

878.0 159.85 14.7 15 0.153 0.164

0.836
1022.22 psigcvo

bt to

Where the measured production pressure at 15 ft. below the operating valve, 
equal to 159.85, was used and the hydrostatic pressure due to the 15 ft. of 
liquids above the sensors was subtracted using the true liquid pressure gra-
dient equal to 0.153 psi/ft. With this opening pressure at depth, the surface 
opening pressure is calculated as Pcso = Pcvo/fg = 1022.22/1.08116 = 945.49 p
sig. Where the gas factor fg equal to 1.08116 was previously calculated using 
the equations given in chapter: Single-Phase Flow (not shown here). The 
measured surface opening pressure is only 899 psi, so the error between the 
calculated and measured pressures is of approximately 5%, which is due to 
the poor accuracy of the surface pneumatic sensors and the uncertainty of 
the gas specific gravity.

The valve surface closing pressure should be equal to Pbt/fg = 878.01/1.0791 =  
813.61, in which the gas factor fg, now equal to 1.0791 for the closing pres-
sure, was previously calculated; Thus, the theoretical spread of the valve 
should have been equal to 945.49 − 813.61 = 131.88 psi, but the measured 
spread was 150 psi. It is usual for nitrogen-charged gas lift valves to show 
a spread larger than its theoretical value. This is a consequence of the cool-
ing effect of the gas injected into the tubing (notice in the survey how the 
temperature drops every time the pilot valve opens). It is important to take 
this fact into account when designing a well to avoid overinjecting the well 
at each cycle. Spring-loaded valves, on the other hand, tend to close at a 
pressure higher than the calculated closing pressure.

The small liquid production of this well is due to its low reservoir pressure; 
however, by increasing the surface gas flow rate (to decrease the total cycle 
time, which seems very long by a simple inspection of the survey) a liquid 
production of 40 or 50 Br/D could be obtained. Because the well is a very low 
liquid producer and the surface injection gas flow rate is already very large, 
some operators reduce the gas consumption by reducing the surface injection 
gas flow rate. With this action, the total cycle time would be longer (causing 
a decrease in the daily liquid production) but the injection gas/liquid ratio 

Pbt=P'b (b)−(a)

Pcvo=Pbt−PtoR1−R=878.0−159.8
5−14.7−150.1530.1640.836=1022.2

2 psig
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changes very little because the liquid slugs are almost of the same length and 
the volume of gas injected per cycle would only be slightly smaller. In other 
words, by decreasing the surface gas flow rate, the daily liquid production 
drops and the injection gas/liquid ratio decreases only by a small margin, if 
at all. The right action in this case is to change the pilot valve with another 
one with a smaller area ratio that would allow a reduction in the volume of 
gas injected per cycle. In addition to a change in the area ratio, the cycle time 
should be adjusted to its optimum value to increase the liquid production. Us-
ing the equations presented in the first example, the productivity index value 
was found to be equal to 0.56 Br/D-psi, for which the optimum cycle time 
should be equal to 21 min instead of 90 min.

Example #6

Fig. 12.18 shows the results of a survey that was run in the well in the fol-
lowing order: (1) first stop at a depth of 3158 ft. (top of perforations); (2) 
second stop at 2951 ft. (12 ft. below the pilot valve); and (3) third stop again 
at 3158 ft. (which was done the following day and it is not shown in the fig-
ure). During the second stop of the first day, three injection cycles took place 
as can be seen in the figure. The survey continued through the following day 
with a stop at 2951 ft. for several injection cycles, followed by a period of 
time in which the surface gas injection was shut off. Then, a final stop was 

■■ FIGURE 12.18 Downhole pressure and temperature survey, example 6.
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made at 3158 ft., to determine the true liquid pressure gradient several hours 
after the surface gas injection was shut off (not shown here either).

Well data: 5½-in. × 17 lb/ft. casing; production tubing ID: 2.441 in.; top 
of perforations’ depth: 3158 ft.; operating valve’s depth: 2939 ft.; liquid 
production: 140 STB/D; wellhead production pressure: 60 psig; cycle 
time: 23 min; The pilot valve remained open for 7 min during each cycle; 
surface injection gas flow rate: 204 Mscf/D; volume of gas injected per 
cycle: 3258 scf/cycle; water cut: 32%; 25°API oil gravity; reservoir pres-
sure: 390 psig. The well had a 1-in., injection-pressure-operated, nitrogen-
charged pilot valve with an area ratio of 0.164 and a test-rack opening 
pressure of 714 psig.

Using Eq. 12.52, the liquid pressure gradient from the water cut and oil API 
gravity is:

ρ = +
+







=0.433 0.32 0.68
141.5

131.5 25
0.404 psi/ft.f

From the survey (using Eq. 12.46), the last two measurements taken at the 
end of the waiting time after the injection gas was shut off, gave a true liquid 
pressure gradient of:

ρ = − − −
−

=(389.94 14.7) (306.88 14.7)

3158 2951
0.401psi/ft.t

The true liquid pressure gradient, also from the survey, while the well is in 
normal operation is:

ρ ( ) ( )=
− − −

−
=

388.35 14.7 304.8 14.7

3158 2951
0.403psi/ft.t

The true liquid pressure gradient with the well in normal operation is equal 
to the gradient calculated from the water cut and the oil API gravity. This 
indicates a small formation gas/liquid ratio, which is common in wells that 
produce water.

To determine the liquid fallback factor, the initial liquid column length 
above the pilot valve (just before this valve opens) is calculated first (using 
Eq. 12.51 with: fg equal to one, the pressure data obtained from survey, and 
the liquid pressure gradient calculated from the water cut and the oil API 
gravity):

( )=
− − −

=Q
304.8 psia 14.7 psi 12 ft. 0.403psi/ft. 60 psig

0.404 psi/ft.
557.58 ft.ini

ρf=0.4330.32+0.68141.5131.5+25=0.
404 psi/ft.

ρt=(389.94−14.7)−(306.88−14.7)315
8−2951=0.401 psi/ft.

ρt=388.35−14.7−304.8−14.73158−2
951=0.403 psi/ft.

Qini=304.8 psia−14.7 psi−12 ft.0.403 
psi/ft.−60 psig0.404 psi/ft.=557.58 ft.
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The liquid column length produced at each cycle is calculated using 
Eq. 12.50 from the well’s daily liquid production, total cycle time, and the 
production tubing volumetric capacity as:

= =Q
140 Br/D

1440 min/D

23min/cycle
0.005788 Br/ft.

386.33ft. / cycleprod

With the liquid column lengths calculated above (from the survey and from 
the well’s production) the liquid fallback factor is calculated using Eq. 12.49:

=

−



 =F

557.58 386.33
557.58
2.939

0.1

This means that 10% of the initial liquid column per each thousand feet of 
the point of injection depth is not produced. This is a very large fallback 
factor, probably due to the low liquid slug velocity caused in turn by the 
low gas injection flow rate through the pilot valve. The well was receiv-
ing 3258.33 scf/cycle and the required volume of gas per cycle was only 
2300 scf/cycle, thus the volume of gas injected per cycle was much larger 
than needed but the instantaneous gas flow rate was very low: the valve 
remained open for 7 min but the liquid slug took longer to be produced. To 
have an adequate liquid slug velocity, all the required volume of gas per 
cycle should have been injected in a period of time no longer than 3 min. 
This low instantaneous gas flow rate is due to the low injection pressure and 
the small diameter of the main port of the pilot valve installed in the well.

As in previous cases, the operation of the nitrogen-charged gas lift valve is 
analyzed in the following way:

The dome pressure at 60°F, P′b, is:

′ = − = =P P R(1 ) 714(0.836) 596.9 psigb tr

And the dome pressure at operating conditions, Pbt, is:

= ′ −P P b a( ) ( )bt b

Where a = 0.083 (138°F − 60°F) = 6.474 and b = 1 + 0.002283 (138°F − 

60°F) = 1.178 (with the valve temperature measured during the survey at 
138°F). Then, Pbt is equal to 696.7 psig and the valve’s opening pressure at 
valve’s depth, Pcvo, is:

( )
= −

−
=

− − −  =P
P P R

R1

696.7 304.8 14.7 12 0.164 0.164

0.836
777.41psigcvo

bt to

Qprod=140 Br/D1440 min/D23 min/cy
cle0.005788 Br/ft.=386.33 ft./cycle

F=557.58−386.33557.582.939=0.1

P'b=Ptr(1−R)=714(0.836)=596.9 psig

Pbt=P'b (b)−(a)

Pcvo=Pbt−PtoR1−R=696.7−304.8−

14.7−120.1640.1640.836=777.41 psig
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Where the production pressure at valve’s depth, Pto, is equal to the pressure 
measured during the survey just before the valve opens (304.8 psia) minus 
the hydrostatic pressure due to the true liquid column of 12 ft. between the 
pilot valve and the pressure sensor. Thus, the surface injection opening pres-
sure can be calculated as Pcso = Pcvo/fg = 777.41/1.07954 = 720.13 psig. The 
gas factor fg was calculated first and it was equal to 1.07954. The measured 
surface opening pressure was 690 psig, thus the error in the surface opening 
pressure is almost equal to 4% and it is due to the inaccuracies introduced 
by using the pneumatic sensors to measure the surface injection pressure 
and the uncertainty in the gas specific gravity used to find the gas factor 
fg. The valve’s surface closing pressure is equal to Pbt/fg = 696.7/1.0785 = 
645.98 psig, where the gas factor fg corresponding to the closing pressure 
has been used. The theoretical spread of the valve should then be equal to 
720.13 − 645.98 = 74.15 psi, which is similar to the actual spread, only that 
the actual opening and closing pressures are both lower (due to the poor 
calibration of the pressure sensors).

It can be seen in the survey that the cycle time was too long and, in con-
sequence, the liquid production can be increased by increasing the surface 
injection gas flow rate.

In conclusion, even though the wellhead pressure chart looks as if the well 
has an excellent operation, the survey reveals that this well is far from being 
optimized: its operating gas lift valve should be replaced with another valve 
with a smaller area ratio (to give less volume of gas per cycle) but calibrated 
at a higher pressure (to increase the liquid slug velocity and reduce the fall-
back losses). Additionally, the cycle time needs to be reduced to approxi-
mately 70% of the current cycle time.

Example #7 (Accumulation chamber)

The well that is analyzed in this example had an accumulation chamber 
installed right above the formation, see Fig. 12.19.

The accumulation chamber’s annulus goes from the bleed valve (RSM20 
with 4/64 in. orifice diameter) at a depth of 2782 ft. to the perforated nipple 
at 2884 ft. (102 ft. in total). The tubing above the upper packer is 2⅞-in. OD 
(from the wellhead to 5 ft. above the operating valve) and below this point 
there are 125 ft. of 2⅜-in. OD tubing down to the perforated nipple. The 
gas injection line is 3180 ft. long and 2.067-in. ID; the operating valve was 
an injection-pressure-operated, spring-loaded, 1.5-in. OD pilot valve, model 
WF14R, with an area ratio of 0.239, and a test-rack closing pressure of 
830 psig; wellhead production pressure: 65 psig; water cut: 10%; oil gravity: 
23°API oil gravity; liquid production: 63 STB/D; cycle time: 43 min/cycle;  
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surface injection gas flow rate: 114 Mscf/D; volume of gas injected per cy-
cle: 3404 scf/cycle (the required volume of gas to be injected per cycle was 
only 2200 scf/cycle).

Using Eq. 12.52, the liquid pressure gradient (from the water cut and the oil 
API gravity) is:

ρ = +
+







=0.433 0.1 0.9
141.5

131.5 23
0.4 psi/ft.f

From the last two measurements considered in the survey, the true liquid 
pressure gradient (after the well has not been receiving injection gas for 
several hours) was 0.21 psi/ft. The true liquid pressure gradient could not 
be measured during the normal operation of the well because the standing 
valve located at 2917 ft. did not allow lowering the sensors any deeper. The 
pressures and temperatures were measured with sensors located just below 
the perforated nipple at 2884 ft. The high production pressure peaks (shown 
every time the pilot valve opened) are usually found in wells where standing 
valves are installed because all the injection gas energy is used to lift the 
liquid slugs.

The maximum liquid column length in the well above the perforated nipple 
(which is the effective gas injection point at 2884 ft.) can be determined, 

ρf=0.4330.1+0.9141.5131.5+23=0.4 
psi/ft.

■■ FIGURE 12.19 Accumulation chamber installed in the well, example 7.
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using Eq. 12.51, from the measured pressure during the survey just before 
the pilot valve opens:

( )=
− −

=Q
195.5 psia 14.7 psi 65 1.068 psig

0.21psi / ft.
530.38 ft.ini

Where the gas factor fg in the tubing above the liquid level was previously 
calculated to be equal to 1.068. This liquid column length Qini indicates 
that the top of the liquid column was at 2354 ft. (410 ft. above the oper-
ating valve). This does not mean the accumulation chamber’s annulus is 
completely filled with liquids. A volumetric analysis must be carried out 
to determine the possible liquid content in the annulus. The following is a 
procedure that can be used to estimate the liquid level in the annulus. The 
volumetric capacity of the annulus is 17.7684 Br/Mft., while for the 2⅞-in. 
tubing it is 5.788 Br/Mft., and for the 2⅜-in. tubing it is 3.86631 Br/Mft. Of 
the 530.38 ft. above the perforated nipple, 405.38 ft. were inside the 2⅞-in.
tubing and 125 ft. were inside the 2⅜-in. tubing. The net liquid volume ac-
cumulated in the tubing above the perforated nipple is then:

= +V [(0.405 Mft.)(5.788Br/Mft.) (0.125 Mft.)(3.86631Br/Mft.)]
(0.21psi / ft.) / (0.4psi/ft.)

t

Notice that the actual volume of each tubing string is multiplied times ρt/ρf 
(equal to 0.21/0.4) to give the net volume of liquid. This gives a total of 
1.4844 Br in the tubing. To estimate the net liquid volume in the annulus, 
the total volume of liquid that could have accumulated at the bottom of the 
well (above the perforated nipple) at the moment the pilot valve opened at 
each cycle can be calculated in an approximate way. For this purpose, the 
liquid fallback factor can be estimated to be equal to 5%. This is an appro-
priate number to use because of the following two reasons: (1) the volume 
of gas injected per cycle is much larger than its required value, and (2) this 
volume of gas per cycle was injected at an adequate instantaneous flow rate. 
The surface pressures shown in Fig. 12.20 reveal an excellent intermittent 
gas lift operation. The high surface production pressure peaks are due to the 
use of the subsurface standing valve, the length of the liquid columns being 
produced, and the liquid velocity when each slug reaches the surface.

With a liquid production of 63 STB/D and a cycle time of 43 min, the pro-
duction per cycle is 63/(1440/43) = 1.88 Br/cycle. If X is the total volume 
(annulus plus tubing) occupied by the liquid above the perforated nipple, the 
fallback factor F can be expressed as:

( ) ( )
( )=

−

F

X

X

Br 1.88 Br

Br

2.884 Mft.

Qini=195.5 psia−14.7 psi−651.068 psi
g0.21 psi/ft.=530.38 ft.

Vt=[(0.405 Mft.)(5.788Br/M
ft.)+(0.125 Mft.)(3.86631 Br/M

ft.)](0.21 psi/ft.)/(0.4psi/ft.)

F=XBr−1.88BrXBr2.884 Mft.
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If F is equal to 0.05 then X = 2.19677 Br. If the liquid that accumulates in the 
tubing only, 1.4844 Br, is subtracted from X, the volume that accumulates in 
the annulus is then only equal to 0.7123 Br. The true liquid column length 
Lannu in the annulus is then: 

=








 =L

0.7123Br

17.7684 Br/Mft.
1000 ft. / Mft.

0.4 psi / ft.

0.21psi / ft.
76.36 ft.annu

Of the available 102 ft. of the length of the chamber, only 76.36 ft. were 
filled with a mixture of gas and liquids. In other words, of the 1.81 Br of vol-
ume available in the annulus, equal to [(0.102 Mft.)(17.7684 Br/Mft.)], only 
0.7123 Br were actually being accumulated and this happens for two rea-
sons: (1) the true liquid pressure gradient is very small (indicating high gas 
content in the liquid); and (2) the bleed valve does not allow the gas on top 
of the liquid in the annulus to be vented at an adequate flow rate, see the ex-
planation given in Figs. 6.59 and 6.60. The 76.36 ft. column in the annulus 
represents a net liquid column of only 40 ft. The actual liquid column should 
have a value between these two extremes (from 40 to 76.36 ft.) because the 
formation gas/oil ratio that goes into the annulus should be somewhat lower 
than the well’s formation gas/oil ratio due to the separation effect that the 
perforated nipple offers at the entrance of the annulus.

Lannu=0.7123 Br17.7684 Br/Mft.1000 ft./Mft.0.4 psi/ft.0.21 psi/ft.=76.36 ft.

■■ FIGURE 12.20 Downhole pressure and temperature survey inside an accumulation 
chamber, example 7.
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If the chamber was completely filled with liquid with a gradient equal to 
0.21 psi/ft., the volume of liquid in the annulus would be [(0.102 Mft.)
(17.7684 Br/Mft.)(0.21 psi/ft.)/(0.4 psi/ft.)] = 0.95 Br. If the liquid in the 
2⅞- and 2⅜-in. tubing, 1.4844 Br, is added to the 0.95 Br in the annulus, 
then the total liquid accumulation per cycle would be 2.4344 Br/cycle and 
the fallback factor is found from:

( ) ( )
( )=

−

=F

2.4344 Br 1.88 Br

2.4344 Br

2.884 Mft.
0.078

A fallback factor of 7.8% seems to be too high in this case because the 
volume of gas injected per cycle and the instantaneous gas flow rate into 
the tubing were more than adequate for a much lower fallback factor. If the 
chamber was indeed completely filled, 0.95 Br of liquids is still too small 
in comparison to the 1.81 Br that can be stored in the annulus. This is due 
to the gas content in the liquid. This is why accumulation chambers are not 
recommended for wells with true liquid pressure gradients that are too small 
in comparison to the liquid pressure gradient calculated from the water cut 
and the API gravity of the oil.

Following the previous analysis, if it is assumed that the chamber is 100% 
filled with liquids, the fallback factor would be close to 15%, which is un-
reasonable in this case, given the excellent way in which the gas was being 
injected.

To verify the behavior of the pilot valve, the valve’s force–balance equation 
is used to find its opening pressure at depth, Pcvo, from the test-rack closing 
pressure, Ptrc, and the tubing pressure at valve’s depth, Pto, at the moment 
the pilot valve opened:

[ ]= −
−

=
− − −

=P
P RP

R1

830 0.239 195.5 14.7 (120)0.21

0.761
1041.8 psigcvo

trc to

Where the value of Pto is equal to the production pressure at valve’s dept, 
which is 120 ft. above the pressure sensors. The gas factor fg in the annulus 
was calculated to be equal to 1.08167 so the surface injection opening pres-
sure is then: Pcso = 1041.8/1.08167 = 963.14 psig, which is only 1.2% lower 
than its measured value (975 psig).

The survey presented in Fig. 12.21 was initially run in the same well, but it 
was not used because several evidences indicated that the exact location of 
the sensors during the survey was unclear: it appeared that the sensors were 
located above the perforated nipple at a depth hard to determine and totally 

F=2.4344Br−1.88Br2.4344Br2.884 M
ft.=0.078

Pcvo=Ptrc−RPto1−R=830−0.239195
.5−14.7−(120)0.210.761=1041.8 psig
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different from the 2884 ft. in the instructions given to the wireline operators. 
The most important clue was the heating of the sensors just after the valve 
opened, followed by a pronounced cooling of the sensors as the gas was 
being injected into the tubing. None of these two effects should take place 
during a survey of this kind and they revealed that the sensors were above 
the perforated nipple:

j The heating of the sensors was due to the flow of liquids coming from 
the annulus. Because the liquids were deeper than the location of the 
sensors, they were hotter and caused the sensors to warm up as they 
passed around the sensors.

j The cooling of the sensors was due to the fact that once the liquid 
has been pushed into the production tubing, the sensors were directly 
exposed to the injection gas, which was cooler. If the sensors were 
located just below the perforated nipple, the cooling effect would not 
show in the survey as pronounced as it can be seen in the Fig. 12.21 
because the liquids surrounding the sensors have no place to go due 
to the fact that the standing valve underneath the sensors would not 
allow them to move when the tubing above the perforated nipple is 
pressurized. In contrast, neither the pronounced cooling nor the heating 

■■ FIGURE 12.21 Discarded downhole pressure and temperature survey inside an 
accumulation chamber, example 7.
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of the sensors are shown in Fig. 12.20, indicating that the sensors were 
indeed where they were supposed to be.

To avoid mistakes like this one, wireline operators must first locate the 
standing valve and compare the wireline measured depth with the actual 
depth provided in the well’s files. The wireline elongates as the instruments 
are run in the well. But in this case because the perforated nipple was at a 
shallow depth, the wireline elongation should have been no more than 5 ft. 
(wirelines usually elongate about 1.5 ft. per each 1000 ft. of depth depend-
ing on the weight of the wireline tools used and on the type of fluids in the 
well). The heating of the instruments indicates that the error made was much 
greater than 5 ft. Errors of this type are not very common, but the person 
doing the troubleshooting analysis must be aware and alert to detect them in 
all situations and especially while analyzing accumulation chambers.

12.4 USE OF SONIC DEVICES AND DISTRIBUTED 
TEMPERATURE SENSOR (DTS) USING FIBER OPTICS
Troubleshooting techniques used in the field, such as sonic devices and distrib-
uted temperature measurements using optical fiber, are perfectly applicable to 
intermittent gas lift operations. These techniques are explained in chapter: Con-
tinuous Gas Lift Troubleshooting. In this section, some guidelines are given  
to use them as effective troubleshooting tools for intermittent gas lift applica-
tions. Other troubleshooting techniques, such as CO2 injection or continuous 
pressure and temperature surveys, are not applicable to intermittent gas lift 
because these techniques require the operation of the well to be very stable.

Sonic devices can be used in the traditional way to determine the liquid 
level in the annulus by identifying tubing couplings and mandrels along the 
depth of the well. The liquid level in the annulus does not always indicate 
the depth of the point of injection. The great majority of gas lift wells have 
production packers installed and gas lift valves, in turn, have internal check 
valves that would not allow liquids (from the tubing) to enter the annulus. If 
these internal check valves do not leak and the packer is in good condition, 
the liquid level should not change in time. The annular liquid level could be 
way below the current operating point of injection. The liquid level simply 
indicates the deepest point to which the well has been previously unloaded. 
The measured liquid level also indicates that the current gas injection point 
depth cannot be below this level.

Measuring the annular liquid level would also determine if the packer has 
failed: If the liquid level is at packer’s depth, and therefore below the deep-
est gas lift valve, it is evident that gas is being injected through the packer or 
that at least it allows liquids to pass through it.
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In gas lift applications, it is important to know the annular liquid level in the 
following cases:

j Open completions, where the liquid level fluctuates as the injection 
pressure and the flowing bottomhole pressure change.

j Damaged gas lift valves that have failed open, with their check valve 
also damaged and allowing liquid to enter the annulus.

j Tubing-annulus communications (holes or unseated gas lift valves).

In case of open completions or tubing-casing communications of any kind, 
the liquid level in the annulus is always changing and it is many times pos-
sible to know the depth of the gas injection point if the liquid level is mea-
sured at key moments during the cycle. The liquid level should be measured 
just before the injection pressure reaches its maximum value because at that 
moment the liquid level is very close to the tubing-annulus communica-
tion. Additionally, the liquid level can be measured at the beginning and the 
middle of the injection pressure buildup time interval.

It should be taken into consideration that during the beginning of the injec-
tion pressure buildup period, the gas flow rate into the annulus could be 
so high that the noise level might not allow the use of any type of sonic 
devices. However, toward the final stages (just before the gas enters the 
tubing) the noise level might decrease, making it possible to measure the 
liquid level right when it is needed the most because the liquid level is just 
about to reach the communication’s depth. Fig. 12.22 shows the times at 
which it is advisable to take measurements of the liquid level and obtain 

■■ FIGURE 12.22 Instants A, B, and C at which it is convenient to measured the annular liquid level 
(if the noise caused by the high gas injection flow rate allows this operation to be conducted).
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a general idea of the size of the communication and its depth (times A, B, 
and C).

Sonic devices can be used to determine the liquid level inside the tubing at 
different moments during the liquid column regeneration period in wells 
with or without tubing-annulus communications. With this information, the 
bottomhole flowing pressure and the productivity index could be estimated 
(in wells with no tubing-annulus communications) if the following data is 
additionally known:

j Temperature, pressure, and specific gravity of the gas in the tubing.
j Water cut, as well as oil and water specific gravities.

With this information, the bottomhole flowing pressure can be calculated at 
two different times during the liquid column regeneration time interval and 
then, using the same calculation procedure explained for pressure survey 
analysis, the productivity index and the optimum cycle time can be calcu-
lated.

It should be pointed out however that sonic devices inside the tubing can 
be used to find the liquid level depth only if the gas specific gravity and 
temperature inside the tubing are known so that the speed of sound can be 
determined. With the speed of sound and the time it takes for a sound pulse 
to travel to the liquid level and back, it is possible to calculate the depth of 
the liquid level. This technique is not very accurate in this case because it 
is not easy to know the specific gravity of the gas in the tubing: this gas is a 
mixture of injection gas left in the tubing from the previous injection cycle 
and the formation gas that is being produced as the liquid column is being 
generated. Additionally, the true liquid pressure gradient of the liquids in 
the tubing is usually smaller than the pressure gradient calculated from the 
water cut and oil specific gravity. However, the true liquid pressure gradient 
could be estimated by applying the operating valve’s force–balance equa-
tion just before it opens. In this case, the force–balance equation is used to 
find the value of the production pressure, Pto, at valve’s depth and then this 
pressure can be used to estimate the true liquid pressure gradient if the liquid 
level is measured at the time the valve opens. If the water cut is above 60%, 
it is possible that the true liquid pressure gradient is very close to the liquid 
pressure gradient calculated from the water cut and the oil’s API gravity 
because the formation gas/liquid ratio is usually very small in wells with 
large water cuts.

The use of fiber-optic techniques to measure, almost in real time, the dis-
tributed temperature along the entire length of the production tubing string 
is very useful in intermittent gas lift, especially when it is suspected that 
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an instability problem is being created by valve’s interference or when it is 
difficult to determine the point of injection because there are many valves 
installed in the well. When there are several points of injection in a well with 
fluctuating surface gas injection pressures, these points of injection, and the 
way gas is intermittently injected through them, can be easily determined 
with the use of fiber-optic technology. This technique is explained in detail 
in Section 11.5.7.

12.5 WELLHEAD PRESSURE CHART 
INTERPRETATION
12.5.1 General examples
Several examples of wellhead pressure charts from wells producing on in-
termittent gas lift are given in the section. The way the intermittent gas lift 
method is performing is easily identified by observing how the wellhead 
pressures fluctuate in time. The wellhead pressure patterns are usually regis-
tered with the use of two- or three-pen charts recorders. When two-pen chart 
recorders are used, one pen is used for the injection pressure and the other 
for the production pressure. When three-pen chart recorders are used, the 
third pen usually corresponds to the differential pressure across an orifice 
plate installed in the gas injection line near the wellhead to measure the in-
jection gas flow rate. Sometimes the third pen is used to register the pressure 
upstream of the gas flow rate control valve, known as the gas line pressure. 
For the line pressure to be recorded in this way, the flow control valve (or 
choke) should be close to the wellhead so that the wellhead pressures and 
the line pressure can be registered at the same time.

Pressure charts are now being replaced in many gas lift fields by real-time 
electronic measurements. Wellhead pressure and temperature electronic 
sensors are scanned by a data acquisition system at a predetermined scan 
rate, so that their behavior in time can be analyzed by any team in the op-
erating company that needs to do so. It is recommended to have a scan rate 
of one measurement every 20 s for all wellhead temperatures and pressures 
being monitored in intermittent gas lift.

If conventional charts are used, the clock could be set for one chart revolu-
tion every 24 min (ideal for verifying details in one injection cycle) or it can 
be set for one revolution every 24 h as it is normally done. Seven-day charts 
are not recommended if a detailed troubleshooting analysis is needed, but 
they do show if a failure has occurred and they are practical to use in places 
with many wells assigned to a reduced number of optimization engineers. 
The calibration of either the traditional pneumatic sensors used with two-pen 
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chart recorders or the new electronic sensors must be carefully checked so 
that reliable troubleshooting calculations can be performed. The injection 
gas specific gravity should also be accurately measured to be able to calcu-
late the downhole injection pressure from the measured wellhead pressure.

The way wellhead pressures change in time constitutes a valuable piece of 
information without which troubleshooting analyses cannot be performed 
when the well is on intermittent gas lift. It must be emphasized that these 
charts should be analyzed using the analytical techniques developed for 
intermittent gas lift given in Section 12.2; otherwise, wrong conclusions 
might be easily reached. The reader is advised to review Section 11.2 in 
which possible failures and operational errors made regarding the use of 
surface pressure chart recorders or electronic sensors are presented.

Pneumatic or electronic sensors being used must have a range according to 
the well’s operational conditions. Usually, sensors with maximum readings 
from 1000 to 2500 psig are used to measure injection pressures and maxi-
mum readings from 500 to 1000 psig are used for production pressures. 24-h 
charts are the most widely used in the industry. If the clock is set for one rev-
olution every 7 days, the appropriate chart must be used for that setting. Op-
timization engineers should be aware of the fact that sometimes 24 h charts 
(which are usually readily available) are used with the clock set for 7 days.

Before giving specific examples of pressure charts from actual wells on in-
termittent gas lift with different types of problems, a detail and separate ex-
planation of the different patterns of the production and injection wellhead 
pressures is presented.

The shape of production pressure peaks gives important hints of the cur-
rent lifting efficiency. The value of the maximum production pressure, the 
elapsed time between the moment the gas lift valve opens and the slug ar-
rives at the surface, and the time it takes for the production pressure to de-
crease back to separation pressure are important factors obtained from the 
charts that should be carefully analyzed.

The maximum production pressure is a function of many variables, the most 
important ones being the size of the liquid slug and its velocity as it arrives 
at the surface. Other important factors are: if the slug reaches the surface as 
only one liquid slug or several smaller ones or if there is any restriction at 
the wellhead, along the flowline, or at the flow station. Therefore, by itself, 
the measurement of the wellhead production pressure is not enough to reach 
a final assessment of the well’s current operational conditions.

The maximum production pressure must occur right after all the liquid slug 
has been produced to the surface. If a restriction is located at the wellhead, 
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or close to it, the maximum production pressure is reached before the en-
tire slug has surfaced and therefore the slug velocity is abruptly reduced, 
increasing in this way the liquid fallback losses. Restrictions away from the 
wellhead, on the other hand, could make it longer for the production pres-
sure to decrease to separation pressure and this only affects the regeneration 
of the liquid slug above the pilot valve in the tubing. Fig. 12.23 shows sev-
eral examples of typical wellhead production pressure patterns.

Fig. 12.23a shows good operational conditions, with slugs reaching the sur-
face as one unit and with a fast decrease of the production pressure, which 
could (but not necessarily) indicate the lack of restrictions at the wellhead 
or the flowline.

Fig. 12.23b shows a case in which liquid slugs are smaller, possibly because 
the reservoir pressure is low or the injection frequency is too high, not al-
lowing the liquid column above the pilot valve to reach its optimum size. 
However, it could also indicate a low liquid slug velocity.

Fig. 12.23c shows a restriction away from the wellhead (but probably at 
a distance not grater than the length of the liquid slug) such as a bent or 
smashed flowline or with some kind of deposition (sand, asphaltenes or par-
affin’s). Restrictions at the wellhead look more like Fig. 12.23a, with peaks 
higher than expected for the well’s current production.

Small and wide pressure peaks as the ones shown in Fig. 12.23d could be 
due to one, or several, of the following possibilities: (1) short liquid column 
with a high gas content, (2) presence of emulsions, or (3) simply the gas 
injection is entering the tubing at a low flow rate (even if the total volume of 
gas injected per cycle is the right one).

Large liquid slugs as the ones shown in Fig. 12.23e, with some gas in them, 
are usual in double-packer or inserted accumulation chamber installations.

Fig. 12.23f shows a case in which the injection gas flow rate is just too high 
and therefore the liquid slugs are very small and it is not given sufficient 
time for the wellhead production pressure to decrease to the pressure at the 
separator or main header.

The effect of high and low injection frequencies are shown in Fig. 12.23g 
for comparison. It can be seen that at high frequencies, it is not given suf-
ficient time for the production pressure to drop to separation pressure. It 
is possible that, due to the high productivity index of the well, the calcu-
lated cycle time must be very short to maximize the liquid production, but 
the theoretical maximum liquid production can not be reached because the 
production pressure cannot actually decrease as fast as it should. The back 

■■ FIGURE 12.23 Examples of wellhead 
production pressure patterns.
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pressure then does not allow the liquid slugs to be generated as fast and long 
as they could with a lower wellhead production pressure. If this is the case, 
it is possible that the maximum daily liquid production is reached at cycle 
times longer than the theoretical optimum cycle time.

Fig. 12.23h shows the production pressure of a well in which either the 
volume of gas injected per cycle is much greater than it is actually needed or 
there is a restriction away from the wellhead that is not allowing the gas to 
be efficiently vented. This restriction could be at any point along the flow-
line at a distance from the wellhead larger than the length the liquid slug has 
once all of it has been produced to the surface. But it could also be due to a 
restriction at the gas exit of the separator, such as a very small orifice plate 
to measure the total gas produced by the well or a partially closed valve that 
connects the gas outlet of the separator to the low pressure side of the gas 
lift system. This high back pressure leads to regeneration of smaller liquid 
columns at the bottom of the well and, in consequence, it reduces the daily 
liquid production.

Just as the surface production pressure behavior can give valuable informa-
tion to analyze intermittent gas lift wells, the surface injection pressure is 
also a very important piece of information without which it is not possible 
to analyze the following points: (1) the behavior of the gas lift system as a 
whole, (2) the performance of the downhole pilot valve, or (3) the operation 
of the surface intermitter in case one is used. The gas injection pressure 
should be measured downstream of the choke or the intermitter. As indi-
cated in chapter: Design of Intermittent Gas Lift Installations, the gas injec-
tion into the well can be controlled using one of the following alternatives:

j By means of a choke installed in the gas line that allows a constant 
gas flow rate into the well’s annulus. This gas flow rate is usually 
much smaller than the gas flow rate that passes through the downhole 
pilot valve once it is opened. This is usually called “choke-control 
intermittent gas lift.” The cycle frequency is controlled by the injection 
gas flow rate at the surface. If this flow rate is increased, the cycle time 
is reduced and vice versa. The surface choke can be a fixed choke or a 
needle valve that can be adjusted to pass the gas flow rate as needed.

j By means of a surface intermitter. The cycle time is controlled by 
adjusting the time the intermitter is closed (time off) and the time it 
should remain open (time on). When the intermitter opens, it allows a 
very high surface gas flow rate so that the annular pressure is rapidly 
increased to the pilot valve’s opening pressure. Once the downhole 
pilot valve opens, the annular pressure should continue to increase 
but at a slower pace. Then, when the intermitter closes, the annular 
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pressure begins to decrease until the pilot valve closes and, from that 
moment on, the injection annular pressure remains constant until the 
intermitter opens once again to initiate a new injection cycle.

Injection pressure patterns for “choke-control” intermittent gas lift are 
shown in Fig. 12.24. Fig. 12.24a shows a typical gas injection pressure pat-
tern for a well on choke-control intermittent gas lift. The maximum pressure 
peaks correspond to the pilot valve’s surface injection opening pressure. 
When the pilot valve opens, the gas flow rate that passes through it is greater 
than the gas flow rate injected at the surface, so the injection pressure de-
creases, eventually reaching the pilot valve’s surface closing pressure. At 
this moment the pilot valve closes but because the surface injection gas flow 
rate is constant, the annular pressure immediately begins to increase to start 
a new cycle.

Fig. 12.24b shows a good pilot valve operation, with the desirable fast de-
crease of the injection pressure once the pilot valve opens. This fast drop of 
the injection pressure could be due to: (1) a high flow rate through the gas 
lift pilot valve, as recommended for intermittent gas lift, or (2) the well’s 
annulus volume being too small because of a reduced casing diameter or a 
shallow point of injection. Calculations must be made to determine if the 
volume of gas injected per cycle is in fact the required value for the tubing 
diameter, depth of the injection point, length of the liquid slugs, and the type 
of fluids being lifted. It is not enough to only take a look at the gas injection 
pattern to determine if the gas injection is appropriate or not.

Fig. 12.24c, contrary to what is presented in Fig. 12.24b, shows a slow de-
cline of the gas injection pressure once the pilot valve opens. This could be 
due to one of the following reasons and it does not necessarily imply a bad 
operation:

j The gas flow rate through the pilot valve is too small because its main 
port is not large enough for a good intermittent gas lift operation or 
the port is partially plugged. This could imply a poor operation that 
might cause a low liquid slug velocity and, in consequence, large liquid 
fallback losses.

j A very deep point of injection. In this case the annular injection 
volume is very large and it takes a long time for its pressure to decline. 
If this is the case, the injection pressure behavior might be adequate 
because it could be necessary to inject a large volume of gas per cycle 
to produce the liquid slug to the surface and it might take a long time 
for the liquid slug to reach the surface.

j A large annulus due to a large casing diameter that takes a long time 
to vent. The injection gas flow rate through the pilot valve could be 

■■ FIGURE 12.24 Examples of wellhead 
injection pressure patterns for choke-
control intermittent gas lift.
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adequate for the liquid slugs to be lifted at the right velocity, but the 
gas injection continues to take place for several minutes after the entire 
liquid slug has been produced to the surface, which constitutes a waste 
of injection gas per cycle. To reduce the volume of gas injected into 
the tubing per cycle, the pilot valve should be replaced with another 
one with a smaller area ratio, which will show a smaller pressure 
spread (the spread is defined as difference between the opening and 
closing pressures of the gas lift valve). Sometimes the minimum 
commercially available area ratio is not small enough to reduce the 
volume of gas injected per cycle. This usually happens when using 
1-in. OD pilot valves in wells with large annulus. If this is the case, the 
spread of the valve could be reduced (up to a point) by decreasing the 
valve’s opening pressure; but this must be done with care because low 
injection pressures could cause low liquid slug velocities, which in turn 
cause an increase in the liquid fallback losses.

j A very long gas injection line (especially if its inside diameter is 
very large). In this case, the choke or the gas injection flow control 
valve should be installed near the wellhead and not at the injection 
manifold, which is usually several thousand feet away from the well. 
This eliminates the gas stored in the injection line as part of the volume 
injected at each cycle.

Fig. 12.24d shows a very small spread, which could be due to:

j A small valve area ratio. This is probably what the well actually needs, 
but injection gas mass balance calculations must confirm this fact (if 
the annular volume is very large, it is probable that the well needs a 
very small spread but, on the other hand, sometimes very large spreads 
are not enough to pass all the volume of gas required per cycle in a 
well with a very small annulus).

j Downhole production pressure too high. High production pressures 
cause the gas lift valve to open at a lower injection pressure so that the 
volume of gas injected per cycle could be less than its required value. 
This usually happens after unloading wells that can generate large 
liquid columns in comparison to the valve’s injection opening pressure 
or with a large diameter tubing string. The way this type of problem 
can be solved is explained in this section, see Fig. 12.27.

Fig. 12.24e shows a case in which the two-pen chart recorder is mounted 
on the flowline and, in consequence, every time the liquid slug reaches the 
surface the flowline vibrates making the pen move up and down, given a 
false impression of a pressure instability of some sort.

Fig. 12.24f shows the injection pressure of a well with an extremely high in-
jection gas flow rate at the surface. This makes the injection annular pressure 
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increase very fast while the pilot valve is closed. But once the pilot valve opens, 
it takes a long time for the injection pressure to decrease to the valve closing 
pressure because the gas flow rate through the gas lift valve is greater than, but 
comparable to, the surface injection gas flow rate.

Fig. 12.25 shows the gas surface injection pressure pattern when the surface 
gas injection is controlled by an intermitter, also known as a “time cycle 
controller”.

Fig. 12.26 shows typical wellhead injection pressure patterns when surface 
time cycle controllers are used.

Fig. 12.26a shows the case in which the gas volume injected every time the 
intermitter opens is not enough to increase the injection pressure to open 
the downhole pilot valve. The intermitter must open three times to open the 
pilot valve. This is easily corrected by increasing the time interval in which 
the intermitter remains open.

If the intermitter is properly working and yet the injection pressure looks 
like the one shown in Fig. 12.26b, one of the following alternatives could be 
happening in the well:

j If the injection pressure is low, either the pilot valve has failed and it is 
totally open or a large tubing-annulus communication exists.

j If the gas injection pressure is high, the injection pressure pattern might 
be due to either an injection gas flow rate so high that the pilot valve 
never closes (the annular pressure is not allowed to decrease to the pilot 
valve’s closing pressure) or there is a tubing-annulus communication 
large enough to generate this type of pressure pattern but not so large to 
make the injection pressure drop to lower values.

Fig. 12.26c shows the pressure pattern created when the gas flow rate in-
jected at the surface is equal to the flow rate the pilot valve allows to pass 
once it opens. For this reason, the annular pressure remains approximately 
constant when the intermitter and the pilot valve are opened at the same 

■■ FIGURE 12.25 Wellhead injection 
pressure behavior when surface time 
cycle controllers are used.

■■ FIGURE 12.26 Wellhead injection pressure patterns for intermittent gas lift with 
time cycle controllers.
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time. The gas injection time might need to be long to pass all the gas volume 
required per cycle, which might be harmful to the liquid production because 
the flowing bottomhole pressure is kept at a high value for a long time. This 
situation might be caused by a restriction at the injection line, upstream or 
downstream of the intermitter. Sometimes the intermitter is installed in se-
ries with an adjustable choke, which has not been fully opened or it is indeed 
opened but its internal components create a restriction to the injection gas 
flow. Then, the gas flow rate to the well is not as high as it should be for a 
fast and efficient gas injection. This pattern could also be due to the fact that 
the gas lift system is not capable of supplying the injection gas at a high rate 
or the pilot valve opening pressure has been set at a high value so it is very 
similar to the gas lift system pressure and, in consequence, the differential 
pressure (between the compressor’s outlet pressure and the wellhead pres-
sure) is very small for the required gas flow rate.

Fig. 12.26d shows an efficient gas injection: Once the intermitter opens, the 
injection pressure increases very fast and it keeps on increasing at a high rate 
even after the downhole pilot valve opens. As soon as the intermitter closes, 
the injection pressure declines at a high rate, which indicates an adequate 
injection gas flow rate into the tubing through the pilot valve. However, as it 
has been stated several times, only an analytical analysis can ascertain if the 
following parameters are the ones recommended for the well: (1) the total 
volume of gas injected per cycle, (2) the instantaneous gas flow rate through 
the gas lift pilot valve, and (3) the total cycle time.

Fig. 12.26e shows the same problem presented in Fig. 12.26c, only that in 
this case the gas injection time is shorter so that its negative impact on the 
liquid production might not be too important. In any case, the reason for 
this pressure pattern must be investigated to avoid future complications that 
might end up in an injection pressure pattern such as the ones presented in 
Figs. 12.26f and g.

In Fig. 12.26f the gas flow rate through the downhole pilot valve is greater 
than the injection gas flow rate at the surface and this is why the injection 
pressure declines as soon as the pilot valve opens.

If the gas flow rate through the downhole pilot valve is much higher than the 
gas flow rate injected at the surface, it is possible that the pilot valve opens 
and closes several times while the intermitter is opened. This is shown in 
Fig. 12.26g. This is a very inefficient gas injection operation because the liq-
uid slug velocity increases and decreases several times as the slug travels to 
the surface which could result in an increase in the liquid fallback losses and, 
additionally, it could make the cycle time unnecessarily long. It is important 
to find out the reason why the gas flow is being restricted at the surface.
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Fig. 12.26h shows a case in which the intermitter at the surface has a gas 
leak toward the injection annulus and, for this reason, the injection pressure 
increases during the time the intermitter and the pilot valve are both closed. 
This does not necessarily represent an inefficient operation if the cycle time 
is adequate, but it must be fixed because it could get worse. In some situ-
ations, this injection pattern is purposely implemented to reduce the time 
required for the annular pressure to increase to the pilot valve’s opening 
pressure, see Fig. 10.10. For open completions (without tubing-casing pack-
ers) this could be the normal injection pressure pattern: When the intermitter 
and the downhole pilot valve are both closed, the gas pressure in the annulus 
increases because the annular liquid level is rising, compressing the injec-
tion gas trapped in the annulus above the liquid level.

Fig. 12.26i shows a case in which there is a gas leak from the annulus to the 
tubing or to a shallow formation through a hole in the casing. A commu-
nication test (explained in chapter: Continuous Gas Lift Troubleshooting) 
should be performed to get a better understanding of the problem as long 
as the operating valve is either a single-element valve or it is a pilot valve 
with its internal check valve located at the nose of the valve and not inside 
the internal piston of the pilot valve. Communication tests in wells with 
pilot valves that have the check valve inside the piston cannot differentiate 
between a hole in the tubing and a pilot valve of this type with its piston 
stuck open (because a pilot valve with this kind of problem is in reality a 
tubing-annulus communication). If the intermitter is closed for a long period 
of time and the annular pressure drops to separation pressure, there is a good 
possibility of a tubing hole or communication above the static liquid level; 
but, if the annular pressure drops to a value above the separation pressure, 
it is likely that the tubing-annulus communication (if there is one) is below 
the static liquid level, which could be a hole in the tubing or the pilot valve 
is leaking.

Fig. 12.26j shows a case in which more than one gas lift valve are opening. 
On the other hand, this could be a normal injection pressure pattern for a 
dual well, in which one string produces on intermittent gas lift and the other 
one is operated on continuous gas lift.

Several examples of wellhead pressure patterns in actual wells producing on 
intermittent gas lift are now presented and analyzed.

The injection pressure pattern shown in Fig. 12.27 corresponds to a choke-
control intermittent gas lift well that has not been unloaded with the re-
quired gas injection flow rate for the type of well. At the moment the pilot 
valve is uncovered, the liquid column in the tubing above the gas lift valve is 
very long and the pilot valve opens at a lower than design injection opening 
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pressure because the production pressure is contributing in a significant way 
in the opening of the pilot valve. For this reason, the spread of the valve is 
very small and the volume of gas injected per cycle is less than the required 
value to lift the large liquid columns to the surface, thus the liquid fallback 
losses are very large. When this happens, the liquid production could be 
very low or even equal to zero and this drastic drop in the liquid production 
is the main characteristic that distinguishes this type of problem from the 
pattern observed when trying to lift highly viscous fluids at a purposely high 
frequency intermittent gas injection, in which the static reservoir pressure 
is high enough to allow liquid production even at high bottomhole flowing 
pressures.

As indicated in chapter: Design of Intermittent Gas Lift Installations, if the 
very small spread is due to an unloading process carried out with an insuf-
ficient surface injection gas flow rate, the unloading of the well can be ac-
complished by temporarily increasing the injection gas flow rate to values 
much larger than the design unloading gas flow rate.

The injection pressure pattern shown in Fig. 12.27 corresponds to an injec-
tion-pressure-operated, spring-loaded pilot valve on choke-control intermit-
tent gas lift. This figure shows the pressure pattern that takes place when the 
well is finally being unloaded by temporarily increasing the surface gas flow 
rate to very large values. As the surface injection gas flow rate is increased, 
the well begins to produce increasingly larger liquid slugs at the surface 
until a new operational state is reached (at this large gas injection rate) in 
which the spread of the valve does not increase anymore and remains con-
stant at a larger value. Once this steady operation is obtained, the injection 
gas flow rate at the surface can be reduced (as shown in Fig. 12.27) to its 
design value so that the injection frequency drops and the produced liq-
uid columns become larger because the reservoir has more time to generate 
larger liquid columns above the pilot valve (but not as large as the liquid 

■■ FIGURE 12.27 Wellhead pressures in a well that has not been fully unloaded or that 
loads up with fluids over time.
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columns existing before increasing the surface injection gas flow rate). If, 
after reducing the gas flow rate, the spread of the valve decreases again with 
a reduced liquid production (or no liquid production at all), the injection gas 
flow rate must be increased and kept at a high value while preparations are 
made to replace the pilot valve with another one with a larger area ratio or 
shift the well to continuous gas lift because this behavior could be an indica-
tion that the well is a good liquid producer that can sustain continuous gas 
lift with an acceptable injection gas/liquid ratio. This problem is also found 
when trying to implement intermittent gas lift in a well with a large diameter 
production tubing: intermittent gas lift cannot be implemented in wells with 
large diameter tubing strings because most gas lift systems are not capable 
of supplying the required high gas flow rates through the pilot valve to lift 
the liquid slug at a velocity high enough to keep the liquid fallback losses 
at acceptable levels.

Fig. 12.28 shows the wellhead pressures of a well that was operating with 
a surface intermitter and a ¼-in. needle valve installed at the gas injection 
manifold. This valve is located upstream of the intermitter and it allows a 
maximum surface injection gas flow rate of only 190 Mscf/D. When the 
intermitter opens, the injection pressure increases to the surface opening 
pressure of the downhole pilot valve. Once the pilot valve opens, the injec-
tion pressure in the annulus decreases very rapidly because the gas flow 
rate through the pilot valve is greater than the injection gas flow rate at the 
surface. The surface gas flow rate is being restricted by the needle valve 
installed at the gas injection manifold. When the pilot valve closes, the injec-
tion annular pressure begins to increase until the intermitter finally closes, 

■■ FIGURE 12.28 Surface intermitter with a large upstream restriction at the injection manifold.
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leaving the injection annular pressure at approximately the same initial 
value it had when the intermitter opened, which is just a mere coincidence 
in this case (if the time in which the intermitter remains open is just a little 
longer of shorter than its current value, the injection pressure pattern would 
be totally different). The well in Fig. 12.28 has a 1.5-in. OD, spring-loaded, 
injection-pressure-operated pilot valve (model WF14R). Additional data 
of this well: 3½-in. production tubing; 7-in. × 23-lb/ft. casing; operating 
valve’s depth: 2879 ft.; packer’s depth: 2,951 ft.; top of perforations’ depth: 
3401 ft.; static reservoir pressure: 468 psig; 26°API oil gravity; and a 2% 
water cut. An injection gas volume of 3500 scf/cycle was needed to effi-
ciently produce the well.

Fig. 12.29 shows the wellhead pressures of a well with a large surface in-
jection gas flow rate. The period of time in which the intermitter remained 
open was very long, so the injection pressure never dropped to the pilot 
valve’s closing pressure (the pilot valve remained open all the time). As 
soon as the intermitter opens, the injection pressure begins to increase at a 
very large rate; but then, as the injection pressure approaches line pressure, 
the injection pressure increases at a much smaller rate (because the differ-
ential pressure between the wellhead and the gas injection manifold is very 
small toward the end of the time interval in which the intermitter remains 
open). Once the intermitter closes, the injection pressure begins to decrease 
but the surface intermitter opens again before the injection pressure can be 
reduced to the pilot valve’s closing pressure. The well in Fig. 12.29 had 
a 1-in. OD, injection-pressure-operated, spring-loaded pilot valve (model 
WFM14R), calibrated at a test-rack closing pressure of 573 psig and no 

■■ FIGURE 12.29 Surface intermitter remains open for a very long time.
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unloading valves located above this operating valve. Additional data for this 
well: vertical well; 2⅞-in. production tubing; 5½-in. × 17-lb/ft. casing; pilot 
valve’s depth: 2335 ft.; packer at 2411 ft.; top of perforations at 2525 ft.; res-
ervoir static pressure of 453 psig; 21.9°API oil gravity; and water cut of 1%. 
The well requires 2400 scf/cycle to lift each liquid column with minimum 
fallback loss. Note that the injection pressure pattern shown in Fig. 12.29 is 
similar to the one presented in Fig. 11.57 for a well with a tubing-annulus 
communication below the point of injection, the only difference being that 
the injection pressure in Fig. 12.29 is much higher and almost equal to the 
line pressure.

A ¼-in. choke was installed in the gas injection line upstream of the surface 
intermitter in the well corresponding to Fig. 12.29 and, additionally, the 
surface injection time interval was reduced to half the injection time it had. 
After these adjustments were made, the wellhead pressure pattern looked as 
shown in Fig. 12.30a. As can be seen in Fig. 12.30a, these changes made the 
injection pressure pattern look more like a typical injection pressure behav-
ior for a well with the surface gas injection controlled by a surface intermit-
ter. Even though a ¼-in. choke was installed in series with the intermitter 
(providing an “on purpose” large flow restriction), the downhole pilot valve 
did not behave as shown in Fig. 12.28 because in the case of Fig. 12.30a the 
well had a 1-in. OD pilot valve installed with a 32/64-in main port that did 
not allow the gas flow rate through the pilot valve to be as large as the one 
in Fig. 12.28, in which a 1.5-in. OD pilot valve with a main port of 48/64 in. 
was installed. The very high rate of increase of the injection pressure shown 
every time the intermitter opens in Fig. 12.30a is due to the reduced volume 
of the injection annulus: casing diameter of 5½ in. and pilot valve’s depth 
of only 2335 ft. With this reduced annular volume, the ¼-in. surface choke 
in the gas injection line is necessary to keep the injection pressure from 
increasing to very large values (that might open an unloading valve, which 
is not the case in this example because the well did not have any unloading 

■■ FIGURE 12.30 (a) Well with a small 
annular volume (pressure chart) (b) Well with a 
small annular volume (gas flow rate chart at the 
orifice plate). 
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valves) every time the intermitter opens. Fig. 12.30b shows the gas flow rate 
chart installed at the orifice plate for the well corresponding to Fig. 12.30a. 
Note that when the differential pressure increases, the static pressure de-
creases.

The chart in Fig. 12.31 corresponds to a well that had a 1-in. OD, injection-
pressure-operated, nitrogen-charged pilot valve. The pilot valve failed open 
(or at least it appears that way). It can be seen how the injection pressure 
increases very rapidly every time the surface intermitter opens. When the in-
termitter closes, the injection pressure decreases and continues to do so until 
the intermitter opens again. The minimum injection pressure is less than 
the valve’s closing pressure. The injection pressure increases very rapidly 
because the annular volume is very small (with a 5 ½-in. × 17-lb/ft. casing 
and the point of injection located at a depth of only 2335 ft.). There was no 
choke installed in series with the intermitter at the surface. The pilot valve 
was calibrated at a test-rack opening pressure of 637 psig. Additional well 
data: Vertical well with a 2⅞-in. production tubing; packer at 2409 ft.; top 
of perforations at 2467 ft.; reservoir static pressure of 580 psig; 19.3°API oil 
gravity; and a water cut of 0.2%. The well required 2300 scf/cycle to lift the 
liquid columns with minimum liquid fallback losses.

Because the pilot valve was nitrogen charged, it was also possible that the 
valve did not actually fail and it stayed open due to a reduction of its closing 
pressure caused by a much lower than expected dome temperature (caused in 
turn by the large volume of gas injected at each cycle). The intermitter injec-
tion time interval was unnecessarily long and this long interval combined 

■■ FIGURE 12.31 Surface intermitter is properly working but the downhole pilot valve failed open.
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with the reduced annular volume are the reasons why the injection pressure 
reached such large values at each cycle. This large volume of gas injected per 
cycle then required also a very long time to vent through the pilot valve, which 
caused the dome temperature to drop, making the valve’s closing pressure 
very low compared to its design value. Even under choke-control intermittent 
gas lift (in which the surface gas injection flow rate is very small), nitrogen-
charged pilot valves usually tend to close at lower than design closing pres-
sures. In this particular case, it is recommended to shut the gas injection off 
for a while to allow the pilot valve to warm up and then start the surface gas 
injection with a reduced time interval in which the intermitter remains open. 
Due to the very small annular volume, it might even be necessary to install a 
choke in series with the intermitter to reduce the gas flow rate into the well’s 
annulus every time the intermitter opens.

The well corresponding to Fig. 12.32 has an inserted accumulator installed 
downhole and the liquid columns being produced are so large that the re-
quired injection pressure should be closed to 1,000 psig. Additionally, the 
well has a very large injection annular volume, for which a very small valve 
spread (difference between the opening and closing pressures of the pilot 
valve) is required to pass all the volume of gas needed per cycle. The re-
quired high injection pressure made it impossible for the valve to reach the 
small spread required even with the smallest available area ratio. As can be 
demonstrated from valve mechanic equations, as the injection pressure is 

■■ FIGURE 12.32 Well with a very large injection annular volume and an injection-pressure-
operated pilot valve (gas injection controlled with the use of a surface intermitter).
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increased, the spread of the valve also increases. For this reason, a special 
pilot valve was designed with a very small area ratio, which was then used to 
produce the liquid slugs in a very efficient manner. It can be seen in the chart 
of Fig. 12.32 that the objective of getting a very small spread was satisfac-
torily achieved. The intermitter was set to open for 5 minutes and to remain 
closed for 25 min. Two pressure peaks can be observed, but only the first 
one is real. The second peak is caused by the vibration of the chart recorder 
every time the liquid slug was produced (the chart recorder was mounted on 
the flowline which vibrated every time the liquid slug reached the surface). 
A simple inspection of the pressure chart in Fig. 12.32, without any kind of 
analysis, might lead to the wrong conclusion that the volume of gas injected 
per cycle was less than its required value because the spread of the valve was 
very small. But in reality, the annular volume was very large and the tubing 
diameter very small so that the spread shown in the chart was the one the 
well needed to produce the liquid slugs to the surface with minimum liquid 
fallback losses.

Fig. 12.33 shows the pressure pattern of a well with an annulus–tubing com-
munication and the surface gas injection controlled by a time-cycle control-
ler. The hole or communication is below the static liquid level. From point 
“a” to “b” in the figure, the intermitter is closed. The injection pressure is 
increasing because liquids from the formation are entering the annulus; in 
consequence, the liquid level in the annulus is rising, pressurizing the gas 
trapped above the liquid level. The intermitter opens at point “b” and the 
injection pressure increases very fast until reaching point “c” at which time 

■■ FIGURE 12.33 Tubing hole or annulus–tubing communication. Gas injection controlled by 
surface intermitter.
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the gas uncovers the communication and the injection pressure begins to 
decrease because the gas flow rate that enters the tubing is grater than the 
injection gas flow rate at the surface. At point “d” the intermitter closes and 
the injection pressure drops very fast due to the high gas flow rate through 
the communication.

Fig. 12.34 shows the behavior of the wellhead pressures in a well that 
looks as if it is on choke-control intermittent gas lift when in reality it is 
on intermittent gas lift with the use of a surface intermitter. This behavior 
could be due to: (1) an annular–tubing communication, (2) the pilot valve 
failed open, or (3) too much gas being injected into the well’s annulus at 
the surface and not enough time given for the annular pressure to drop to 
the pilot valve’s injection closing pressure. The surface intermitter opens 
at point “a” in the figure. At that moment the injection pressure starts to 
increase and it continues to do so until the surface intermitter closes at point 
“b”. When the intermitter closes, the injection pressure begins to decrease 
but at a low rate perhaps because: (1) the annulus–tubing communication 
is very small, (2) the pilot valve is restricting the flow into the tubing, or 
(3) the annular volume is just too large. The intermitter opens again at point 
“c”. The surface gas flow rate measurement must be verified first. If the gas 
flow rate is adequate (not too large in comparison to its design value) then 
a communication test should be performed to determine if the valve has 
failed or there is indeed an annulus–tubing communication. As previously 

■■ FIGURE 12.34 Three possible types of failure: (a) hole or tubing-annulus communication, (b) pilot valve 
failed open, or (c) the surface injection gas flow rate is too large (not giving sufficient time for the pilot valve to 
close). The injection is being controlled by a surface intermitter which is properly working.
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mentioned, communication tests (explained in chapter: Continuous Gas Lift 
Troubleshooting) are reliable only if the operating valve is a single-element 
valve or the pilot valve does not have its check valve installed inside the 
pilot valve’s piston. A pilot valve with its check valve inside the piston is 
in reality a tubing-annulus communication if the piston is stuck open or its 
internal check valve is plugged or stuck closed, exhibiting exactly the same 
behavior of a well with a hole in the production tubing.

If the communication test indicates that a single-element operating valve (or 
a pilot valve with its check valve outside the piston) is stuck open (maybe 
due to a solid particle between the ball and the seat or the bellows has failed) 
or, in general, if there is a pilot valve with its check valve inside the piston 
installed in the well (for which a communication test will not reveal if the 
problem is a hole in the tubing or the valve stuck open), the following steps 
must be taken:

j Shut in the well (close the surface production tubing valve) keeping 
the surface gas injection into the well’s annulus open. This pressurizes 
the production tubing and the injection annulus to line pressure so the 
operating valve will be fully open. Then, the well should be quickly 
open to production, generating a large differential pressure across the 
operating valve which could help in getting rid of the solid particles 
that are keeping the gas lift valve open. This procedure should be 
repeated until the annular pressure does not drop below the gas lift 
valve’s closing pressure.

j If these steps do not work and the well is in a marine environment, 
fresh water could be injected down the annulus to dissolve the solid 
particles that are keeping the valve open. Some operators prefer 
venting the annulus several times to get the gas lift valve working 
properly again. If none of these steps can make the gas lift valve close, 
the gas lift valves should be replaced.

If there is indeed a hole in the tubing, its depth could be determined using 
the techniques available for that purpose, as explained in chapter: Continu-
ous Gas Lift Troubleshooting. Because the well is on intermittent gas lift, it 
is not recommended to install any type of packoff completion to isolate the 
communication (it would create a restriction to the liquid flow that would 
increase the liquid fallback losses). When the communication is below the 
static liquid level, some operators take advantage of the fact that liquids can 
flow from the tubing into the annulus to use the well’s annulus as an accu-
mulation chamber and produce a large liquid column at each cycle, but this 
practice increases the injection gas/liquid ratio because the communication 
offers an uncontrolled gas injection into the tubing. A better solution is to 
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simply replace the current production tubing string. A recommended step in 
this case is to determine, by nodal analysis, the best tubing size for current 
well conditions. It might be possible to switch the well to continuous gas lift 
by using small diameter tubing. If possible, it is always better to produce the 
well on continuous flow unless the injection gas/liquid ratio needs to be very 
large to sustain a stable continuous gas lift operation.

Fig. 12.35 shows a well with an annular injection volume so small that the 
injection pressure increases very rapidly when the surface intermitter opens. 
The operating gas lift valve and one injection-pressure-operated unloading 
valve open while the injection pressure is increasing (see the explanation 
given for Fig. 12.26j). A high pressure regulator can be installed to close the 
surface intermitter once a certain surface injection pressure is reached. This 
solution requires an extra cost in surface equipment and adds an additional 
possible point of failure. Another solution could be obtained by installing 
a choke in series with the surface intermitter but care should be taken so 
that the operating valve would not open and close several times while the 
intermitter is opened, as shown in Fig. 12.26g. In Fig. 12.35, the intermit-
ter opens at point “a” and closes at point “b”. The unloading gas lift valve 
closes at “c” and the operating valve finally closes at “d”.

Fig. 12.36 shows a well being unloaded on intermittent gas lift with the use 
of a surface intermitter. The gas lift valves are all injection-pressure-operated 
valves. If possible, it is better to unload the well on continuous gas lift and 
switch it to intermittent gas lift once the operating valve is uncovered. But 

■■ FIGURE 12.35 Wellhead pressure pattern for a well with a very small annular volume. The 
design operating gas lift valve and one unloading gas lift valve are opening and closing.
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there are gas lift fields with compression capacities so small that it is not pos-
sible to supply the injection gas flow rate that is required to unload the wells 
on continuous gas lift. In these rare cases, the injection annulus needs to be 
used to slowly store the gas injected per cycle. The figure shows that the well 
was indeed successfully unloaded to the fourth valve but then (as an example 
of what can happen under certain situations) it began to flow and the final 
operation stabilized at the third valve.

It can be appreciated in Fig. 12.37 that the injection pressure shows a slight 
drop during the period of time in which it should remain constant (the sur-
face gas injection is controlled by a surface intermitter). This is due to the 
fact that the production pressure increases to a point in which the combined 
forces of the injection and production pressures can open the operating valve 
(even if it is an injection-pressure-operated valve). In this case, the cycle fre-
quency should be increased or the operating valve should be replaced with a 
valve calibrated to open at a higher injection pressure.

Fig. 12.38 shows the wellhead pressures of a well with an injection-pressure-
operated pilot valve and a surface intermitter controlling the gas injection 
into the annulus. The increase in the injection pressure between cycles is 

■■ FIGURE 12.36 Well unloaded on intermittent gas lift.

■■ FIGURE 12.37 Operating valve opens during the liquid column regeneration period.
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not due to a leak through the surface intermitter. The completion is an open 
completion (no packer) so that the liquid level rises in the annulus while the 
liquid column inside the tubing is being generated above the pilot valve. The 
gas trapped in the annulus above the annular liquid level is compressed (as 
liquids from the formation enter the tubing and the annulus) so the injection 
pressure increases even though the surface intermitter is closed.

Fig. 12.39 shows a wellhead pressure pattern that can be due to one of the 
following alternatives:

j The operating valve is a production-pressure-operated valve which 
opens when the production pressure reaches the production opening 

■■ FIGURE 12.38 Open completion (no packer). Surface intermitter is used with a 
downhole injection-pressure-operated pilot valve.

■■ FIGURE 12.39 Alternatives: (a) production-pressure-operated pilot valve with a surface pressure reduction 
controller, (b) production-pressure-operated valve calibrated to open with full line injection pressure at the 
wellhead, or (c) injection-pressure-operated valve calibrated at a very high injection opening pressure.
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pressure of the pilot valve. As soon as the injection pressure begins 
to drop, a surface controller sends a signal to open the surface gas 
injection valve (installed in the surface gas injection line) to start the 
gas injection into the well (point “a”). This surface valve is usually an 
“open/close” type of valve. Because the gas flow rate at the surface is 
less than the gas flow rate through the pilot valve, the injection pressure 
continues to drop until the pilot valve closes. The pilot valve closes 
because the production pressure has decreased. The pilot  
valve closes at point “b” in the figure. At that moment, the injection 
pressure begins to increase until it reaches a value above which the 
controller sends a signal to close the gas injection valve to stop the 
injection to the well (point “c”). Once the surface injection valve is 
closed, the injection pressure remains constant until the pilot valve 
opens again to start a new gas injection cycle. It is important to keep 
the gas injection flow rate at the surface less than the gas flow rate 
through the pilot valve. This can be achieved by installing a choke in 
the gas injection line or by using a gas injection needle valve instead 
of the “open/close” injection valve installed in the gas line. “Open/
close” valves are designed to open and close only. But the automatic 
needle valves that are used to regulate the gas flow rate in continuous 
gas lift wells can be used in intermittent gas lift wells to open to a 
predetermined value which could be any value less than 100% open. The 
major drawback of adjustable needle valves operating on intermittent 
gas lift is that they do not last the same number of cycles the simpler 
“open/close” valves can withstand without any kind of failure.

j The valve could also be a production-pressure-operated valve but in 
this case the surface injection pressure can be equal to line pressure 
(also known as system pressure, equal to the pressure at the injection 
manifold) because the well does not have unloading valves. The flow 
rate is equal to zero while the pilot valve is closed, simply because the 
wellhead pressure is equal to the manifold pressure. When the pilot 
valve opens (due to the increase in the downhole production pressure) 
the annular pressure begins to drop (point “a”) until the pilot valve 
closes (point “b”). From point “b” to point “c”, the annular pressure 
increases until the wellhead injection pressure reaches line pressure. As 
can be seen, this is a very simple and inexpensive way of controlling 
the gas injection into the well but its major drawback is the fact that 
the duration of the cycle is controlled by the reservoir and not by the 
operator.

j Fig. 12.39 could also correspond to a well with an injection-pressure-
operated pilot valve calibrated at a very high injection opening 
pressure. When the injection pressure reaches line pressure, the gas 
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flow rate to the well stops and the injection pressure remains constant 
until the pilot valve opens due to the combined action of the injection 
pressure in the annulus and the production pressure of the liquid 
column that has been accumulating above the pilot valve in the tubing. 
This is possible to occur because injection-pressure-operated valves 
actually respond to both, the injection and the production pressure: as 
the production pressure increases, the required gas injection opening 
pressure decreases.

12.5.2 Examples of specific field cases
Examples of wellhead pressure patterns in actual field cases are presented 
in the section, together with as much information as possible about the well 
and gas lift system gathered for each of these cases.

The well corresponding to Fig. 12.40 had a surface intermitter at the well-
head. Well data:7-in. × 23-lb/ft. casing; 3½-in. tubing; top of perforations’ 
depth: 5182 ft.; packer’s depth: 4867 ft.; reservoir pressure: 724 psig; 29°API 
oil gravity; 1% water cut; operating valve’s depth: 4789 ft.; and a wellhead 
production pressure of approximately 70 psig. Initially, the operating valve 
was a single-element, nitrogen-charged, injection-pressure-operated valve, 
model “R-20” with a seat diameter of 28/64 in., calibrated at a test-rack 
opening pressure of 721 psig. Because the seat diameter was large (for a 
single-element valve), the valve’s area ratio was 0.201, which can give the 
large spread shown in the figure. The volume of gas injected per cycle was 
therefore very large: more than 7000 scf/cycle, which is much larger than 
the required volume of gas per cycle.

Before the surface intermitter was installed, the well was producing 
85 STB/D on choke-control intermittent gas lift with a gas injection flow 
rate of 512 Mscf/D. The production remained the same after installing 
the surface intermitter set at: 18 min open and 32 min closed as shown 
in Fig. 12.40a. Afterward, the intermitter was set to open for only 2 min 

■■ FIGURE 12.40 Surface gas injection controlled with a surface intermitter. Single-element 
valve at the operating point of injection.
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and close for 15 min and, as can be seen in Fig. 12.40b, the intermitter 
had to open 6 or 7 times before the injection pressure could reach the gas 
lift valve’s injection opening pressure. However, the daily liquid production 
dropped only to 74 STB/D which indicated that the optimum cycle time was 
very long.

Figs. 12.40a and b also show that it took 12 min after the intermitter has 
closed for the injection pressure to drop back to the single-element gas lift 
valve’ closing pressure. This could be due to the size of the seat of the gas 
lift valve of only 28/64 in. In contrast, 1.5-in. pilot valves can have main port 
diameters as large as 48/64 in., which are more adequate for intermittent gas 
lift applications because they allow a fast injection pressure drop once the 
intermitter closes.

Because the subsurface valve was a single-element valve, its seat diameter 
was also causing a very large spread and therefore a very large volume of 
gas was injected per cycle. This single-element valve is more appropriate 
for wells with injection point depths of no more than approximately 2500 ft. 
and, additionally, a casing diameter no larger than 5 ½ in. (for these val-
ues, the annular volume is very small and a spread equal to the one shown 
in Fig. 12.40 could deliver the small volume of gas per cycle required by 
the well). The problem with single-element valves used for intermittent gas 
lift is that the seat could be too large for the required area ratio but, at the 
same time, too small for the required instantaneous gas flow rate through 
the valve.

The single-element valve mentioned in the previous paragraphs was then re-
placed by an injection-pressure-operated, spring-loaded pilot valve, model 
WF14R, with an area ratio of only 0.078, calibrated at a test-rack closing 
pressure of 850 psig. The idea was to control the effective spread by adjusting 
the period of time that the surface intermitter was allowed to remain open. But 
the injection gas was measured at the injection manifold by an orifice plate of 
only 3/8th of an inch in diameter and the ¼-in. needle valve previously used 
to control the gas flow rate (when the well was operating on choke-control in-
termittent lift) was not removed. These restrictions made it impossible for the 
injection pressure to continue to increase once the pilot valve and the inter-
mitter were both opened at the same time. These restrictions have the effect 
shown in Fig. 12.41a, where it can also be appreciated that the pilot valve was 
leaking: Restrictions do not allow the injection pressure to increase when the 
pilot valve opens and the leak through the pilot valve is revealed by the fact 
that the injection pressure drops even after the pilot valve closes. Fig. 12.41b 
shows the wellhead pressures after the restrictions had been removed. The 
injection pressure increases even after the pilot valve opens. It can also be 
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seen that the pilot valve was still leaking gas into the tubing. Under these last 
conditions, the well began to produce 120 STB/D with an injection gas flow 
rate of only 224 Mscf/D (less than half the daily gas injection while the well 
was on choke-control intermittent gas lift).

The next example is shown in Fig. 12.42. The well had a subsurface single-
element valve installed at the operating point of injection, model ERO-4-SR, 
which is a nitrogen-charged, injection-pressure-operated, 1.5-in. OD valve, 
with an area ratio of 0.064 and a test-rack opening pressure of 845 psig. 
The same automatic needle valve in the injection manifold that is normally 
used to control the gas injection for continuous gas lift was used this time 
as the “surface intermitter” with a special control algorithm that allowed the 
valve to remain close for a given period of time and then open to a specified  
stem position for another predetermined period of time (this could be done 

■■ FIGURE 12.41 Surface intermitter and downhole pilot valve. (a) Leaking pilot valve, 
restrictions at inj. manifold and (b) leaking pilot valve, no surface restrictions.

■■FIGURE 12.42 Surface intermitter at the injection manifold (same automatic needle valve used 
for continuous gas lift): (a) with a subsurface single-element valve, (b) with a gas lift pilot valve.
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because the injection manifold was fully automated). As can be seen in 
Fig. 12.42a, the period of time in which the surface intermitter remained 
open was very short and the intermitter needed to open several times to 
open the subsurface valve. The system pressure was not constant and, in 
consequence, the volume of gas injected per cycle was changing from cycle 
to cycle although not in a pronounced way. With the same subsurface valve, 
the well was producing 47 STB/D on continuous gas lift with a gas injec-
tion flow rate of 181 Mscf/D. With the gas injection switched to intermittent 
gas lift, the surface instantaneous gas flow rate was first set at 300 Mscf/D, 
which was less than the gas flow rate through the subsurface valve, thus the 
injection pressure dropped every time the subsurface valve opened. The in-
stantaneous surface injection gas flow rate was then set at 400 Mscf/D, with 
the intermitter open for 10 min and closed for 30 min. With these settings, 
the well produced 50 STB/D with a daily injection of only 100 Mscf/D. 
The single-element valve was replaced by an injection-pressure-operated, 
spring-loaded, 1.5-in. OD pilot valve, model WF14R, with a slightly greater 
area ratio and a test-rack closing pressure of 840 psig. Even though the area 
ratio of the pilot valve was greater, the spread shown in Fig. 12.42b was 
actually smaller than the spread given by the single-element valve. This is 
due to the fact that spring-loaded valves tend to close at a pressure higher 
than the theoretical closing pressure (nitrogen-charged valves behave in the 
opposite way). With the pilot valve installed in the well, the intermitter was 
set to remain open for 3 min and close for 30 min. The instantaneous surface 
gas flow rate was set at 825 Mscf/D, which is less than the gas flow rate 
the pilot valve allowed and, for this reason, the injection pressure dropped 
every time the pilot valve opened. It can also be observed in the figure that 
sometimes the volume injected per cycle was sufficient to open the subsur-
face valve and sometimes it was not (this is due to changes in the gas lift 
system pressure). This is eliminated by increasing the time the intermitter 
remains open, but this surface gas injection time interval cannot be too long 
either because the subsurface valve will open and close several times while 
the intermitter is opened. With the pilot valve installed in the well, the liquid 
production increased to 81 STB/D with a daily injection gas flow rate of 
only 75 Mscf/D. In other words, with less than half of the previous gas con-
sumption, the liquid production was almost doubled in comparison to the 
liquid production the well had when it was producing on continuous gas lift.

The well corresponding to Fig. 12.43 had an injection-pressure-operated, 
1.5-in. OD, nitrogen-charged pilot valve calibrated at a test-rack opening 
pressure of 889 psig. Fig. 12.43a shows the wellhead pressures while the well 
was producing on choke-control intermittent gas lift. The surface injection  
gas flow rate was constant and the subsurface pilot valve was opening at 
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regular intervals. Under these operational conditions, the well was produc-
ing 30 STB/D with a daily gas injection flow rate of 240 Mscf/D.

Fig. 12.43b shows the behavior of the wellhead pressures while the well was 
producing with the use of a surface intermitter. The same automatic needle 
valve in the injection manifold that is normally used to control the gas injec-
tion for continuous gas lift was used this time as the surface intermitter with 
a special control algorithm that allowed the surface valve to remain closed 
for a given period of time and then opened, to a specified stem position, for 
another predetermined period of time (this could be done because the injec-
tion manifold was fully automated). The injection needle valve did not fully 
open and allowed a gas flow rate of only 800 Mscf/D. Because the gas flow 
rate through the subsurface pilot valve was greater than the surface injec-
tion gas flow rate through the surface needle valve, the injection pressure 
dropped every time the pilot valve opened. The time the surface intermit-
ter remained open was just the time needed to reach the pilot valve open-
ing pressure. If the surface injection time is shorter, the intermitter (needle 
valve) will have to open one more time to open the pilot valve. However, if 
the surface injection time is just slightly longer than its value in Fig. 12.43b, 
the pilot valve might open and close while the surface intermitter is opened, 
as shown in Fig. 12.43c in points (2) and (3).

Operational conditions deteriorated and Fig. 12.43c shows the result of hav-
ing a small surface gas flow rate (as in Figs. 12.43a and b) with an additional 
problem: a gas leak at the surface intermitter. These two factors were causing 
the irregular injection pressure pattern that can be seen in Fig. 12.43c, which 

■■ FIGURE 12.43 Same pilot valve with: (a) constant surface gas injection (without surface 
intermitter action), (b) use of surface intermitter with adequate gas injection time, and (c) effect of a 
gas leak at the surface intermitter.
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changed from cycle to cycle. Referring to the numbers shown in Fig. 12.43c, 
the following observations help explain what is going on in the well:

1. The injection pressure at the time the intermitter opens is such that the 
surface intermitter opens for just the period of time needed for the pilot 
valve to open. As soon as the pilot valve opens, the surface intermitter 
closes and the injection pressure drops to the pilot valve’s surface 
closing pressure. The injection pressure then remains constant at the 
gas lift valve’s closing pressure until the intermitter opens again.

2. In this case because the injection pressure (when the intermitter opens) 
is higher than in point (1), the pilot valve opens and closes while the 
intermitter is opened, even thought the time interval in which the 
intermitter remains opened is the same as in point (1). Because the 
pilot valve closes first, the injection pressure begins to increase until 
the intermitter finally closes, leaving the injection pressure at a value 
between the pilot valve’s surface opening and closing pressures.

3. During the time the surface controller is supposed to be closed, the 
injection pressure increases at a low rate. This pressure increase is caused 
by a small leak (through the surface controller) toward the well’s annulus.

4. In this case, the surface controller opens but the injection pressure does 
not reach the injection opening pressure of the pilot valve so the pilot 
valve does not open. This occurs because it just so happens that the 
injection pressure from the last cycle fell to a value too low for it to 
increase to the pilot valve’s opening pressure with only one opening of 
the surface controller.

The gas leak was fixed and the liquid production was increased to 42 STB/D 
with only 99 Mscf/D by means of an optimization procedure that is used 
to find: a) the appropriate gas injection time interval (the time the surface 
intermitter should remain open) and, b) the optimum cycle time (this opti-
mization procedure is explained in Section 10.6.2). This represents a consid-
erable reduction in the injection gas/liquid ratio in comparison to what the 
well had while it was producing on continuous gas lift.

Fig. 12.44 shows the behavior of the wellhead pressures with and without 
the use of a surface intermitter. The subsurface pilot valve is the same for 
both cases. The same automatic needle valve in the gas injection manifold 
(which is normally used to control the gas injection for continuous gas lift) 
was used this time as the surface intermitter with a special control algorithm 
that allowed the needle valve to remain closed for a given period of time and 
then opened to a specified stem position for another predetermined period 
of time. The gas lift pilot valve was a 1-in. OD, injection-pressure-operated, 
spring-loaded valve (model WFM14R), with a test-rack closing pressure of 
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873 psig and an area ratio of 0.183. Under the conditions of Fig. 12.44a the 
well was producing (on choke-control intermittent lift) 55 STB/D with a 
constant daily surface injection gas flow rate of 155 Mscf/D.

It is shown in Fig. 12.44b that when the intermitter (or surface controller) 
opens, the injection pressure increases rapidly until the pilot valve opens and, 
at that moment, the injection pressure begins to decrease very slowly, indicat-
ing that the surface instantaneous gas flow rate is smaller but comparable to 
the gas flow rate through the subsurface pilot valve. These flow rates are simi-
lar because the intermitter allows a surface gas flow rate of only 930 Mscf/D, 
which is close to what a 1-in. OD pilot valve allows to pass for the well’s 
current conditions and a main port diameter of 32/64 in. Once the intermit-
ter (the needle valve at the manifold) closes, the injection pressure begins to 
drop until it reaches the pilot valve’s injection closing pressure. This pressure 
drop is not as steep as it should be (for intermittent gas lift) because the an-
nular volume is large and the gas lift valve is a 1-in. OD valve. It takes 8 min 
for the annular injection pressure to drop to the pilot valve’s closing pressure. 
The liquid slug velocity should be of around 1000 ft./min to keep the liquid 
fallback losses at a minimum value. If this velocity is achieved, the elapsed 
period of time between the moment the pilot valve opens and closes should 
not be greater than 5 min because the injection point is 4510-ft deep.

Even though the volume of gas injected per cycle with and without the use of 
the surface intermitter is about the same, the daily gas injection was reduced 
with the used of the intermitter only because the total cycle time was increased: 
with a daily injection of only 50 Mscf/D, the liquid production was kept at 
the same level it had when the gas injection flow rate was at 155 Mscf/D on 

■■ FIGURE 12.44 Two ways of controlling the gas injection to the well with the same 
subsurface pilot valve.
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choke control. This reduction in the injection gas/liquid ratio could have been 
obtained with the well on choke control by reducing the surface injection gas 
flow rate and, therefore, increasing the total cycle time. But the volume of gas 
required per cycle could not be individually optimized with the well on choke 
control. The volume of gas per cycle being injected to the well was measured 
at approximately 4250 scf/cycle, which is slightly less than the required vol-
ume of gas to be injected per cycle for the well’s operational conditions. This 
means that, thanks to the use of the surface intermitter, the required volume of 
gas per cycle could be attained by just increasing the time the intermitter is al-
lowed to stay open. In this way, the liquid fallback losses could be reduced and 
the overall efficiency of the intermittent gas lift method might be improved. 
But an even better operational condition can be obtained by increasing the 
instantaneous injection gas flow rate through the intermitter at the surface so 
that the injection pressure does not decrease when the pilot valve opens. In this 
way, more gas per cycle could be injected in less time because it would not be 
necessary to leave the surface intermitter open for a long time. On the other 
hand, if the well needs a volume of gas per cycle considerably smaller than 
the one being injected, it would not be possible to reduce the volume of gas 
per cycle by just reducing the time the intermitter is allowed to remain open. 
This is due to the fact that the area ratio of the pilot valve is too large and, in 
consequence, the spread of the gas lift valve could not be reduced. In this case, 
the only way to reduce the volume of gas injected per cycle is by replacing the 
currently installed pilot valve with another one with a smaller area ratio.

Fig. 12.45 shows a chart from a well that had an injection-pressure-oper-
ated, spring-loaded, pilot valve at the operating point of injection, model 

■■ FIGURE 12.45 Pilot valve calibrated at a very low test-rack closing pressure and 
working in conjunction with an intermitter installed at the injection manifold.
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WF14R, with a very low test-rack closing pressure of 556 psig and with a 
large area ratio of 0.239. Even though the area ratio of the valve was large, 
the spread shown in the figure was small because of the low calibration 
pressure of the pilot valve and the relatively high production pressure in the 
tubing at valve’s depth. The gas injection was controlled by an intermitter 
located at the manifold. As in previous examples, the same automatic needle 
valve in the injection manifold, that is normally used to control the gas in-
jection for continuous gas lift, was used this time as a surface intermitter 
with a special control algorithm that allowed the valve to remain closed for a 
given period of time and then opened to a specified stem position for another 
predetermined period of time. When the surface intermitter opens, the injec-
tion pressure increases very rapidly until the subsurface pilot valve opens. 
When the intermitter and the pilot valve are opened at the same time, the 
injection pressure stays constant for a short period of time until the surface 
intermitter closes. After the intermitter closes, the pilot valve remains open 
for a long time due to the small pressure differential across this valve. Even-
tually, the pilot valve closes too and the injection pressure remains constant 
for approximately 16 min. The gas in the annulus is injected into the tubing 
very slowly because the production tubing pressure is large in comparison to 
the low injection pressure. This high production pressure is due to the liquid 
column length itself and to the viscosity of the oil being lifted (13°API).

The pressure chart in Fig. 12.46 shows what happens when the surface injec-
tion gas flow rate is very small and the period of time in which the surface 
controller remains open is long enough for the pilot valve to open and close 
only one time at each cycle. Note that the pilot valve surface opening and 
closing pressures are the same for all cycles. Only the shape of the injection 
pressure changes from cycle to cycle, but the volume of gas injected per cycle 
is constant. This is why the liquid slugs are produced in the same manner in 
all cycles. During the first cycles shown in the chart, the controller closes 

■■ FIGURE 12.46 Very small gas flow rate across the surface intermitter.
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shortly after the pilot valve closes. For the cycles to remain with the exact 
same shape, it would be necessary for the time in which the controller remains 
open to be exactly the one needed for the initial pressure (when the controller 
opens) to be equal to the final pressure (when the controller closes) but this 
is very difficult to achieve. Even if this exact period of time is attained, any 
fluctuation in the line pressure will also change the injection pattern. In this 
example, the time in which the controller remains open is close to the exact 
time needed to maintain the same pattern and this is why the shape of the 
injection pressure pattern changes only gradually from cycle to cycle. If the  
injection time period is increased, changes will be more pronounced from 
cycle to cycle and the injection pressure pattern would be completely differ-
ent. In this case, the injection pressure left in the annulus after the controller 
closed at each injection cycle was slightly changing from cycle to cycle.

The pilot valve was an injection-pressure-operated, spring-loaded, 1.5-in. 
OD valve, model WF14R, with an area ratio of 0.239, and a test-rack clos-
ing pressure equal to 460 psig. The instantaneous injection gas flow rate 
across the surface intermitter was equal to 455 Mscf/D. The intermitter re-
mained open for 10 min and closed for 23.3 min. Under these conditions, 
the well was producing 32 STB/D with a daily injection gas flow rate of 
136.5 Mscf/D. After an optimization process was conducted, it was found 
that the well could produce 40 STB/D with a total gas injection flow rate of 
70 Mscf/D by setting the controller to 6.66 min opened, 60 min closed, and 
an instantaneous surface injection gas flow rate (while the intermitter was 
opened) of 700 Mscf/D.

Fig. 12.47 shows the wellhead pressure behavior of a well with a gas lift pilot 
valve installed at the point of injection. Fig. 12.47a shows the wellhead pres-
sures when the well was on choke control with a constant surface injection gas 
flow rate of 160 Mscf/D. At that time, the well was producing 90 STB/D of liq-
uids. Detail #1 shows how the injection pressure pen was affected every time 
the liquid slug surfaced. This is probably due to the fact that the chart recorder 
was mounted on the flowline itself. It can be observed that the gas injection 
was optimized in the following sense: the annulus was vented at an acceptable 
rate and the liquid slug arrived at the surface just at the moment the pilot valve 
was closing. However, a simple intermittent gas lift analysis showed that the 
total volume of gas injected per cycle was less than its required value. This 
volume of gas injected per cycle can be increased in different ways:

1. Replacing the pilot valve with another one with a larger area ratio.
2. Replacing the pilot valve with an identical one with a higher test-rack 

calibration pressure (the higher the calibration pressure is, the larger 
the spread of the valve becomes).
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3. By not changing the current pilot valve but switching the operation 
from choke-control to the use of a surface intermitter. In this way, 
the valve can be forced to remain open for longer periods of time to 
increase the volume of gas injected per cycle. For this solution to be 
effective, it is necessary that the surface instantaneous gas flow rate 
into the casing be greater than or equal to the gas flow rate the pilot 
valve allows to pass into the tubing once it is opened, so that the 
injection pressure would not decrease every time the pilot valve and the 
intermitter are opened at the same time.

Fig. 12.47b shows that by using the surface intermitter the pilot valve can 
remain open for longer periods of time to pass the exact required volume of 
gas per cycle: In this case, the instantaneous surface gas flow rate was slightly  
less than the gas flow rate through the pilot valve and, in consequence, the 
injection pressure decreased every time the pilot valve opened. It can also be 
seen that the liquid slug reaches the surface just as the pilot valve is closing 
(see detail # 2). Additionally, it can be seen that the surface controller did 
not completely close, so the injection pressure increased during the liquid 

■■ FIGURE 12.47 Two ways of controlling the surface gas injection with the same subsurface gas lift valve.
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slug regeneration time (see detail # 3). This gas leak, if kept under control, 
is many times advantageous because it allows the injection gas to be stored 
in the annulus while the liquid column is regenerating downhole, therefore 
decreasing the volume of gas needed to be injected to open the pilot valve 
when the intermitter opens. In this way, an injection manifold can handle 
several wells intermitting at the same time without causing a major drop in 
the system pressure. The spread of the valve while the well was on choke 
control (Fig. 12.47a) was greater than the spread shown with the use of 
the intermitter (Fig. 12.47b) simply because the total cycle time was longer 
when the intermitter was being used, so that the initial liquid columns and 
the production pressure were also greater, resulting in a reduction of the 
required pilot valve’s injection opening pressure.

As in previous examples, the same automatic needle valve in the injection 
manifold that is normally used to control the gas injection for continuous 
gas lift, was used this time as a surface intermitter (with a special control 
algorithm that allowed the valve to remain closed for a given period of time 
and then opened to a specified stem position for another predetermined  
period of time). The pilot valve was an injection-pressure-operated, 1.5-in. 
OD, spring-loaded pilot valve, model WF14R, calibrated at a test-rack clos-
ing pressure of only 629 psig and with an area ratio of 0.239.

As in the previous example, Fig. 12.48 also shows the wellhead pressure 
behavior of a well with the same subsurface pilot valve but with differ-
ent ways of controlling the surface injection gas flow rate. The pilot valve 
was an injection-pressure-operated, 1.5-in. OD, spring-loaded pilot valve, 

■■ FIGURE 12.48 (a) Well on choke control. (b), (c), and (d) gas injection is controlled by a surface 
intermitter under different operational conditions. The pilot valve was the same in all cases.
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model WF14R, calibrated at a test-rack closing pressure of 809 psig, and 
with an area ratio of 0.239. The way the wellhead pressures behaved when 
the injection gas flow rate was constant and equal to 200 Mscf/D is shown 
in Fig. 12.48a:

The well was producing 63 STB/D of liquids. The pilot valve was 
showing a good action with a fast injection pressure drop every time 
it opened. But a simple intermittent gas lift analysis showed that the 
total volume of gas injected per cycle was less than its required value, 
mainly because the production tubing size was of 4½ in. in diameter. 
One option to inject the required volume of gas per cycle was to 
implement the use of a surface intermitter to force the pilot valve to 
remain open for longer periods of time, avoiding in this way to change 
the subsurface gas lift pilot valve.

It can also be seen in Fig. 12.48a the higher than usual wellhead production 
pressure. This was due to a 12/64-in. choke installed at the wellhead (at the 
flowline entrance). Due to the combined effect of the low volume of gas 
injected per cycle and the restriction to the liquid flow caused by the surface 
choke, the liquid fallback losses were estimated to be greater than 80% of 
the initial liquid column length.

Fig. 12.48b shows the behavior of the wellhead pressures when the surface 
intermitter was first used (set 15 min opened and 30 min closed). The sur-
face instantaneous injection gas flow rate was less than the local gas flow 
rate through the pilot valve, so the pilot valve opened and closed several 
times while the surface intermitter remained open. Figs. 12.48c and d show 
the wellhead pressures with the surface intermitter open for a shorter pe-
riod of time, for which the injection pressure pattern is similar to the one 
explained for Fig. 12.46. The only difference between the operational condi-
tions of Fig. 12.48c and d was that in Fig. 12.48d the wellhead choke was 
removed and, in consequence, the wellhead production pressure was lower. 
In both cases, gas was injected only through the pilot valve, without any 
intervention of the unloading valve located at 3815 ft. as might be though 
to take place because of the different injection pressure levels found every 
time the intermitter closes.

Fig. 12.49 shows again a well with the same pilot valve but with different 
ways of controlling of the surface gas injection:

a. Well on choke control: Here too the vibration caused by the liquid 
slug every time it reached the surface was making the pen move up 
and down given the false impression of an abnormal injection pressure 
behavior. It can also be appreciated that the instrumentation pipe 
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connecting the wellhead production pressure to the pressure sensor of 
the chart recorder was plugged and the short vertical lines that can be 
seen at the production pressure trace are just the result of the vibration 
of the chart recorder every time a liquid slug arrived at the surface.

b. Gas injection controlled by a surface intermitter: The liquid slug 
reaches the surface just as the pilot valve is closing. This does not 
necessarily mean that the gas injection is optimized. It is still necessary 
to check the following points: (1) if the volume of gas injected per 
cycle is equal to the required value to produce the liquid slugs being 
lifted, (2) if the total cycle time is equal to the optimum cycle time 
(to maximize the daily liquid production), and (3) if the liquid slug 
velocity is the one that is appropriate to keep the liquid fallback losses 
at a minimum level.

c. Gas injection controlled by a surface intermitter: This time the 
controller is kept open for a longer period of time, so the liquid slug 
reaches the surface before the surface controller closes. This could 
indicate an over injection at each cycle, unless the slug velocity (for 
some reason that cannot be controlled by the operator) is less than 
1000 ft./min and the pilot valve is forced to remain opened with the 
hope of producing an additional volume of liquid (carried by the tail 
gas to the surface).

12.6 INTERMITTENT GAS LIFT TROUBLESHOOTING 
EXAMPLES
Several examples of troubleshooting analyses of wells producing on intermit-
tent gas lift are presented in the section. The lack of vital information, sensors 
not properly calibrated etc, are the usual problems an optimization engineer 

■■ FIGURE 12.49 (a) Choke control, (b) time cycle controller (slug arrives at the surface at the 
moment the pilot valve closes), and (c) time cycle controller (slug arrives before the pilot valve closes). 
The instrumentation pipe connecting the wellhead production pressure to the sensor of the chart 
recorder was plugged in all cases.
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must face most of the time. Even under these adverse conditions, it is impor-
tant to try to carry out the analysis as complete and rigorous as possible be-
cause it will serve as a guide to perform specific actions in the field that could 
help finish the troubleshooting analysis of the well in a fast and satisfactory 
way. With the exception of the last example presented in the section, all other 
examples correspond to wells on choke-control intermittent gas lift.

12.6.1 Example #1 (well might be loaded 
with liquids)
The well data is presented first. Reservoir static pressure: 1172 psig; produc-
tivity index: 0.21 Br/D-psi; 22°API oil gravity; 5% water cut; formation gas/
liquid ratio: 2000 scf/STB; casing diameter: 5½-in. × 17-lb/ft.; production 
tubing ID: 2.441 in.; production tubing OD: 2.875 in.; depth of top of perfo-
rations: 6974 ft.; packer’s depth: 6598 ft.; gas injection line length: 8150 ft.; 
gas injection line ID: 2.07 in.; gas lift valves data: two 1-in., injection-pres-
sure-operated, nitrogen-charged, unloading valves were installed and the 
operating valve was a 1-in., injection-pressure-operated, nitrogen-charged 
pilot valve (Tables 12.2 and 12.3).

In Jun. 2002, the well had an important reduction in its liquid production. 
The production dropped to values between 30 and 50 STB/D. The well’s 
total depth was checked by wireline and it was clean (no sand has accumu-
lated at the bottom).

Table 12.2 Valves Installed in the Well

Depth 
(ft.)

Valve 
Model

Seat Diameter 
(1/64 in.)

Injection Opening 
Pressure (psig) Ptr (psig)

2006 Dummy — — —
3782 BCO-1 16 975 965
5247 BCO-1 16 912 929
6522 BPV-1C 

R = 0.164
24 820 862

Table 12.3 Production History

Date
Production STB Liquid 
per day

Surface injection gas flow 
rate (Mscf/D)

Sep. 2001 155 667
Nov. 2001 155 667
Dec. 2001 114 667
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Operational conditions at the time of the analysis:

Wellhead injection opening pressure: 900 psig. Wellhead injection 
closing pressure: 870 psig. Wellhead production pressure: 80 psig. The 
injection opening and closing pressures at depth, calculated with a gas 
specific gravity of 0.7, were equal to 1061 and 1025 psig, respectively. 
Unfortunately, it was not clear what the exact value of the injection 
gas specific gravity was and it could have been as high as 0.73, for 
which the injection opening and closing pressures at depth would be 
1072 and 1035 psig, respectively. Even though the pilot valve installed 
in the well is a very restrictive valve because its main port’s effective 
diameter is only 24/64 in., the pilot valve remained open for only 7 min 
at each cycle. This is a normal opening time for a pilot valve because 
it is a short period of time to pass the volume of gas currently injected 
per cycle. Having such a short injection time interval is very difficult 
for a single-element valve to achieve. Total cycle time: 45 min. Surface 
injection gas flow rate: 212 Mscf/D. There is an uncertainty in the 
measurement of the liquid production and it could have been anywhere 
between 30 and 50 STB/D (Fig. 12.50).

It can be seen in the pressure chart that the production pressure was not 
affected by the arrival of the slug at the surface. The well might have been 

■■ FIGURE 12.50 Wellhead pressure chart for the operational conditions at the time of 
the troubleshooting analysis.
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producing in a continuous fashion or the production pressure sensor con-
nection was plug.

If the surface gas flow rate is divided by the number of cy-
cles in one day, the volume of gas injected per cycle would be 

= =
212,000 scf/D

(1,440 min/D)/(45min/cycle)
6,624 scf/cycle . But, using the equations  

explained in Section 12.2.1 (Eqs (12.1) to (12.14)), the volume of gas in-
jected per cycle can be calculated from the volume of the annulus and the 
injection line, together with the opening and closing pressures to give an 
injection volume of only 2,208.5 scf/cycle, which represents a surface gas 
flow rate of 70 Mscf/D and not 212 Mscf/D. There might have been several 
points of injection (if the high gas flow rate causes an unloading valve to 
open) or the surface injection gas flow rate was not accurately measured 
and it was indeed 70 Mscf/D. The surface gas flow rate is calculated by 
multiplying the static and differential pressure factors by the orifice plate 
factor corresponding to the diameter of the orifice plate installed at the 
manifold. The differential and static measurements were 3 and 7.4 points, 
respectively. The orifice plate was 5/8-in. in diameter so its orifice plate 
factor was equal to 9.55. Thus the surface injection gas flow rate was 7.4 
(3)(9.55) = 212 Mscf/D. With a 3/8-in. orifice plate, the orifice factor is 3.42 
and the gas flow rate would be 7.4 (3)(3.42) = 75.92 Mscf/D, which is very 
close to the volume of gas per cycle calculated from the equations given in 
Section 12.2.1. This is an important clue that points to the fact that the gas 
flow measurement might had been in error (because the orifice plate does 
not correspond to the one shown in the well’s file), but it is not conclusive 
because there might have been more than just one point of injection.

The liquid column length (in feet) produced to the surface is equal to the 
daily liquid production divided by the number of cycles in one day and 
by the volumetric capacity of the production tubing (in this case equal to 
0.005788 Br/ft.):

[ ]= =Q
50 Br/D

(1440 min/ D)/(45min/cycle) 0.005788 Br/ ft .
270 ft . /cycleprod

The initial liquid column at depth must be longer than the liquid column 
that reaches the surface. The initial liquid column is obtained dividing Qprod 
by (1 − FDov), where Dov is the point of injection depth in Mft., in this case 
equal to 6.522 Mft., and F is the fallback factor. F depends on the volume of 
gas injected per cycle and the instantaneous gas flow rate through the pilot 
valve. The initial liquid column lengths Qini calculated from Qprod, for differ-
ent values of F, are presented in Table 12.4, together with the required volume  

=2,12,000 scf/D(1,440 min/D)/(45 mi
n/cycle)=6,624 scf/cycle

Qprod=50 Br/D(1440min/D)/(45min/cy

cle)0.005788 Br/ft.=270 ft./cycle
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of gas injected per cycle to produce each liquid column. This required 
volume of gas injected per cycle is calculated from the equation given in 
chapter: Design of Intermittent Gas Lift Installations for intermittent gas lift 
design (energy balance Eq. 10.32):

As seen in the previous table, the required volume of gas per cycle decreases 
as the liquid slug size increases. This seems to be a contradiction but it is 
explained in the following way: a) The size of the liquid slug that reaches 
the surface is the same in all cases and, b) The volume of gas that must 
be injected to fill the tubing below the slug when it is just beginning to be 
produced at the surface is smaller for larger slugs because a good part of the 
liquid slug that is not produced occupies an important volume in the tubing 
that does not need be filled with gas. In any case, it can be seen that the 
required volume of gas per cycle is less than the one that was being injected 
if the gas flow rate at the surface was indeed equal to 212 Mscf/D. But this 
surface gas flow rate of 212 Mscf/D does not coincide with the one provided 
by the annulus and gas injection line at each cycle unless there were more 
than one point of injection. If the pilot valve was the only point of injection, 
only 2,208.5 scf were injected per cycle and the fallback losses should have 
been very large. One way of estimating the initial liquid column length is 
by using the valve’s force–balance equation just before the valve opens,  
Eq. 12.30. This equation, with the value of P′r equal to zero and Pcvo (the 
injection opening pressure at depth) equal to the surface opening pressure 
Pcso times the gas factor fg, is: ( )− + =P R P R P1cvo to bt.

Pto is the production pressure at valve’s depth when the pilot valve opens 
and it is the variable that needs to be calculated to find the value of the initial 
liquid column length. Pbt is the bellows pressure at operating conditions. If 
the operating temperature is known, Pbt can be calculated from P′b, which is 
the bellows pressure at test-rack condition that can be found from the equa-
tions given in chapter: Gas Lift Valve Mechanics:

( ) ( ) ( )′ = − = − =P P R1 862 psi 1 0.164 720.63psib tro

On the other hand, Pbt = P′b b − a, where b = 1 + 0.002283 (Tv  − 60) and 
a = 0.083 (Tv − 60), with Tv equal to the temperature of the valve in °F just 

Pcvo1−R +PtoR=Pbt

P9b=Ptro1−R=862 psi1−0.164=720.
63 psi

Table 12.4 Required Volume of Gas Injected per Cycle

F Qini (ft.) Required vgsR (scf/cycle)

0.03 335.6 5371
0.05 400 5310
0.1 776 4994
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before the valve opens. Tv must be greater than the geothermal temperature 
because the valve is surrounded by fluids coming from the formation that 
are hotter than the geothermal temperature at valve’s depth. Due to the fact 
that the valve is very close to the top of the perforations, the temperature 
of the valve could be approximated as follows: The geothermal tempera-
ture is found from: [(15.6°F/Mft.)(depth in Mft.) + 88.8°F]. Thus, at valve’s 
depth, the geothermal temperature is equal to 190.54°F and at the top of the 
perforation it is equal to 197.59°F. These two temperatures are very simi-
lar and an average temperature is taken as an approximation of the valve’s 
temperature and, in consequence, a = 11.12 and b = 1.3059. Therefore, 
Pbt = 929.96 psig. With the opening pressure Pcvo equal to 1061.47 psig, Pto 
must be equal to 259.57 psig.

From Pto and the wellhead production pressure of 80 psi, the initial liq-
uid column length (as 100% liquid) could be determined from the liquid 
pressure gradient found from the water cut and the oil API gravity using 
equation (12.52) (which gives a gradient of 0.399 psi/ft.) with the following 
equation:

= − =Q
259.57 psig 80 psig

0.399 psi/ft.
450 ft.ini

The fallback factor F would then be [(450-270)/450]/6.522 = 0.061, 
which seems to be too small for a volume of gas injected per cycle of only 
2208.5 scf. But it is important to point out that the liquid column length 
found from the valve’s force–balance equation is only reliable if the surface 
opening pressure and the gas specific gravity have been accurately deter-
mined. For example, if a ± 2% error is made in the measurement of the 
surface opening pressure (which is not uncommon for the type of pneumatic 
sensors used in this particular field), the injection opening pressure at depth 
could be as low as 1040.24 psig or as high as 1082.69 psig, for which Qini 
would be between 179 ft. and 721 ft. and the fallback factor could be as 
large as 0.098 (without even taking into consideration the error made in the 
calculation of the gas factor fg for not accurately knowing the injection gas 
specific gravity). It should also be considered the fact that the valve in this 
case is a nitrogen-charged pilot valve and it is very difficult to know the 
actual temperature of the valve under operational conditions.

The way in which the liquids are produced into the separator (in batches or 
continuously) and the way the total gas flow rate at the exit of the separator 
behaves, must be studied to determine if there are several points of injec-
tion. It is also necessary to check the size of the orifice plate currently in-
stalled at the manifold and the calibration of all sensors (wellhead pressure 

Qini=259.57 psig−80 psig0.399 psi/ft
.=450 ft.
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sensors and the static and differential pressure sensors at the orifice plate). 
In this example, with the poor quality of the available data, it was not pos-
sible to reach any definite conclusion about the exact location of the point 
(or points) of injection. However, these calculations, as unreliable as they 
might be, are useful because they help identify specific field actions to take 
for each possible explanation of what might be happening at the bottom of 
the well.

The gas flow rate was checked and it was indeed smaller than reported. The 
drop in liquid production was then due to the reduction in the surface injec-
tion gas flow rate (compared to the injection gas flow rate of Dec. 2001), 
that caused an increase in the total cycle time, deviating it from the optimum 
cycle time, allowing sufficient time for large liquid columns to regenerate 
on top of the gas lift valve, which in turn caused a reduction of the spread of 
the valve with the corresponding increase in the fallback losses (due to the 
small gas volumes injected per cycle). In other words and contrary to what 
one might think, the well was simply loaded with liquids. The specific field 
action to take in this case is to temporarily increase the injection gas flow 
rate to kick the well and make the spread of the valve go back to its original 
larger value.

12.6.2 Example #2 (tubing-annulus communication)
The well data is as follows:

Reservoir static pressure: 968 psig; 19°API oil gravity; 10% water cut; cas-
ing: 7-in. × 23-lb/ft.; production tubing ID: 2.441 in.; production tubing 
OD: 2.875 in.; top of perforations’ depth: 6483 ft.; packer’s depth: 6114 ft. 
The well seems to have a tubing-annulus communication, as can be seen in 
the pressure chart of Fig. 12.51 (low injection pressure and large injection 
pressure spread).

The well was producing 180 STB/D with a cycle time equal to 147.5 min. 
With this data and the volumetric capacity of the tubing of 5.788 Br/Mft., 
the produced liquid column length is calculated to be:

[ ]= =Q
180 Br/D

(1440 min/D)/(147.5 min/cycle) 5.788 Br/Mft.
3.185 Mft./cycleprod

This length is greater than the one the static reservoir pressure could provide, 

which is calculated as 
−

=
968 psig 80 psig

0.409 psig/ft.
2171.14 ft., where 0.409 psi/ft.  

is the liquid pressure gradient with no free gas in it (calculated from  
Eq. 12.52), and 80 psig corresponds to the wellhead production pressure. 

Qprod=180 Br/D(1449 min/D)/(14
7.5 min/cycle)5.788 Br/Mft.=3.18

5 Mft./cycle

968 psig−80 psig0.409 psig/
ft.=2171.14 ft.

■■ FIGURE 12.51 Wellhead pressure 
chart.
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The size of the produced liquid column and the pressure pattern shown in 
the chart are clear indications that the well had a tubing-annulus communi-
cation, with liquid entering the annulus (which served as an open accumula-
tion chamber).

On a later date, the well was producing 139 STB/D, with a surface injection 
gas flow rate of 540 Mscf/D and a cycle time equal to 70 min. The injection 
gas/liquid ratio was then equal to 3885 scf/STB, which was very large and 
probably due to the uncontrolled way in which gas was being injected into 
the tubing (reaching very low annular pressures at the end of each injection 
cycle). From the tubing volumetric capacity, the daily liquid production, 
and the cycle time, the produced liquid column length is calculated as:

( )( )
=

 
=Q

139 Br/D

1440 min/D 70 min/cycle 5.788 Br/Mft.
1.167 Mft. /cycleprod

If fallback losses are neglected, the production pressure Pto at the depth of 
the communication at the moment it is uncovered is calculated with the fol-
lowing equation (with the wellhead production pressure of 100 psig the well 
had at the time): 

( )= + =P 100 psig 1.167 Mft. 409 psi/Mft. 577.3psig.to

If the tubing-annulus communication is large, Pto must be approximately 
equal to the annular injection pressure at depth at the moment the gas uncov-
ers the communication.

The maximum surface injection pressure is calculated next. This pressure is 
called Ptos and it is equal to Pto/fg. Calculating fg for the depth of the deepest 
valve with the equations given in chapter: Single-Phase Flow, Ptos is found 
to be equal to 490 psi, which is very similar to the maximum pressure on the 
two-pen pressure chart at this later date. This indicates one of the following 
possibilities: (1) the operating valve is unseated, (2) the communication is a 
pilot valve with its piston stuck open, or (3) there is a hole in the tubing very 
close to the gas lift mandrel. The volume of gas injected per cycle, vgs, can be 
calculated from the surface injection gas flow rate and the total cycle time as:

( ) ( )
=

 
=v

540000scf/D

1440 min/D / 70 min/cycle
26250scf/cyclegs

The required volume of gas per cycle calculated from the energy balance 
equation (used in the design of intermittent gas lift installations given in 
chapter: Design of Intermittent Gas Lift Installations) is only 11,370 scf/
cycle, indicating that the liquid fallback losses must indeed be very small 

Qprod=139 Br/D1440 min/D70 min/cy
cle5.788 Br/Mft.=1.167 Mft./cycle

Pto=100 psig+1.167 Mft.409 psi/Mft.=
577.3 psig.

vgs=540000 scf/D1440 min/D70 min/c
ycle=26250 scf/cycle
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and the value of Pto calculated earlier should be close to the actual pressure. 
A communication test (explained in Section 11.5.1) must be performed to 
confirm the existence of a tubing-annulus communication of some sort. The 
best way to find out the depth of a communication is by measuring the an-
nular liquid level using sonic devices, measuring the liquid level at different 
times during the cycle, but especially when the injection pressure reaches 
its maximum value because that’s the time the injection gas uncovers the 
communication. If the depth of the communication coincides with the last 
mandrel, it does not necessarily means that the valve is unseated in the gas 
lift mandrel:

j Corrosion usually takes place just beneath the deepest mandrel because 
that is the place where the annular liquid level is found most of the 
time.

j It is also important to remember that a pilot valve with its internal 
piston stuck open will behave exactly as an annulus–tubing 
communication (a communication test would have the same results as 
the ones found with a hole in the production tubing) if the check valve 
is located inside the piston of the pilot valve. Therefore, it is always 
a good idea to pull the operating valve out of the well (if venting the 
casing annulus several time does not fix the problem) to verify its 
condition before planning for a more expensive solution that might not 
be necessary.

12.6.3 Example #3 (formation damage)
The well data is as follows:

Reservoir static pressure: 1373 psig; 26.5°API oil gravity; 56% water cut; 
casing: 7-in. × 23-lb/ft.; production tubing ID: 2.441 in.; production tubing 
OD: 2.875 in.; top of perforations’ depth: 3494 ft.; packer’s depth: 3363 ft. 
Gas lift valves installed in the well are shown in Table 12.5.

The well had a workover job performed shortly before the time of this 
analysis. Its production was reduced from 400 to 50 STB/D. At the time of 
the troubleshooting analysis it was producing on intermittent gas lift, even 
though it was designed for continuous gas lift.

Table 12.5 Valves Installed in the Well

Depth (ft.) Valve Port diameter (64th in.) Ptr (psig)

2,109 R-20 12 1,000
3,287 R-20 12 850
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Conditions at the time of the analysis: liquid production 50 STB/D; well-
head injection opening pressure = 860 psig; wellhead injection closing pres-
sure = 820 psig; wellhead production pressure = 60 psig; surface injection 
gas flow rate = 185 Mscf/D; cycle time = 31.8 min. The well was designed 
for continuous flow but, as it can be appreciated from the two-pen pressure 
chart in Fig. 12.52, it was producing on intermittent gas lift. This might be 
due to the fact that the production pressure, downstream of the gas lift valve, 
was much lower than the production pressure considered in the design, so 
that the 12/64-in. seat allowed (once the deeper valve opens) an injection 
gas flow rate into the tubing greater than the 185 Mscf/D that was being in-
jected at the surface and, in consequence, the injection pressure drops until 
the deeper valve closes.

As can be seen in Fig. 12.52, the fluctuations of the surface production 
pressure are very small. This could be due to very small slugs and/or to 
very slow liquid slug velocities. It is also shown in the two-pen pressure 
chart that the valve remained open for approximately 10 mins at each cycle, 
which is very long for a point of injection depth of only 3287 ft.: This is 
caused by the small seat diameter of the operating valve (typical of single-
element valves like the ones installed in the well). The volume of gas in-
jected per cycle is:

( ) ( )
=

 
=v

185000 scf

1440 min/D / 31.8 min/cycle
4085scf/cyclegs

With a production of 50 STB/D and assuming a fallback factor equal to 
0.05, the initial liquid column length would be:

( ) ( ) [ ]
=

  −
=

Q
50 Br/D

1440 min/D / 31.8 min/cycle 0.005788 (Br/ft.) 1 (0.05)3.287
228.28 ft.

ini

The required volume of gas injected per cycle for a liquid column of 
228.28 ft. in length is only 2064 scf/cycle (calculated from the energy bal-
ance equation given in chapter: Design of Intermittent Gas Lift Installa-
tions). The required volume of gas is about half of what was being injected 
at the time of this analysis. The total injection time (deeper gas lift valve 
open) was 10 min, so that all the required volume of gas was injected after 
only 5 minutes, which is an adequate period of time that gives a slug veloc-
ity large enough to keep the liquid fallback losses at a minimum value. But if 
the volume of gas injected per cycle is calculated from what the annulus and 
the gas injection line provide per cycle for the given valve’s spread (using 
Eqs. 12.1–12.14), it would only be equal to 3195 scf/cycle, thus the surface 

vgs=185000 scf1440 min/D/31.8 min/c
ycle=4085 scf/cycle

Qini=50 Br/D1440 min/D/31.8 mi
n/cycle0.005788 (Br/ft.)1−(0.0-

5)3.287=228.28 ft.

■■ FIGURE 12.52 Wellhead pressure 
chart at the time of the troubleshooting 
analysis.
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gas flow rate would be 145 Mscf/D instead of 185 Mscf/D. This could be 
due to an error made in the measurement of the surface gas flow rate or in 
the injection pressure. With the surface gas flow rate equal to 145 Mscf/D, 
6.5 min would be necessary to inject the volume of gas required per cycle, 
which would imply a very slow liquid slug velocity and therefore a very 
large, and difficult to estimate, liquid fallback factor.

The valve’s force–balance equation is now used to calculate the produc-
tion pressure Pto at valve’s depth at the moment the valve opened. For that 
purpose, the valve’s temperature must be determined first. The valve is very 
close to the top of the perforations in an area where the geothermal tempera-
ture can be calculated from the following equation:

= ° + °T D15.6( F/Mft) (Mft) 88.8 Fgeothermal

Tgeothermal is the temperature of the formation at a depth D in Mft., with a 
temperature gradient of 15.6°F/Mft. and an average surface tempera-
ture of 88.8°F. The temperature at the top of the perforations is then 15.6 
(3.4940) + 88.8 = 143.3°F. The geothermal temperature at valve’s depth is 
equal to 15.6 (3.287) + 88.8 = 140°F; Thus, the valve temperature can be ap-
proximated at an average value of 141.5°F at the moment the valve opened.

One way of estimating the initial liquid column length is by using the valve’s 
force–balance equation (Eq. 12.30) just before the valve opened. This equa-
tion is presented here, with P′r equal to zero and Pcvo (the injection opening 
pressure at depth) equal to the surface injection opening pressure Pcso times 
the gas factor fg, as:

( )− + =P R  P R P1cvo to bt

Where R is the valve’s area ratio, which in this case is equal to 0.038. Pto is 
the production pressure just before the valve opens and it is the variable that 
needs to be calculated to determine the initial liquid column length. Pbt is the 
bellows pressure at operating conditions. If the valve’s operating tempera-
ture is known, Pbt can be calculated from the pressure P′b with the equations 
given in chapter: Gas Lift Valve Mechanics. P′b is the bellows pressure at 
test-rack conditions and can be calculated from the test-rack opening pres-
sure using the following equation (with Ptr = 850 psig):

( ) ( )′ = − = − =P P R1 850 psig(1 0.038) 817.7 psigb tro

On the other hand, Pbt is equal to P′bb − a, where b = 1 + 0.002283 (Tv − 60) 
and a = 0.083 (Tv − 60), with Tv equal to the valve’s temperature in °F just 
before it opened, which was approximately equal to 141.5°F. b and a were 

Tgeothermal=15.6(°F/Mft) D(Mft)+8
8.8 °F

Pcvo1−R +PtoR=Pbt

P9b=Ptro1−R=850 psig(1−0.038)=8
17.7 psig
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then: b = 1 + 0.002283 (Tv − 60) = 1 + 0.002283 (141.5 − 60) = 1.186 and 
a = 0.083 (141.5 − 60) = 6.76. Pbt is then 817.7 (1.186) − 6.76 = 963 psig. 
Pbt represents the valve’s closing pressure. The valve’s opening pressure 
at valve’s depth is Pcvo, which is equal to fgPcso, where Pcso is the surface 
injection opening pressure equal to 860 psig given in the two-pen pres-
sure chart. Using the calculation procedures given in chapter: Single-Phase 
Flow for the gas factor fg, the value of Pcvo is found to be 938.5 psig. As 
can be seen, pressure Pbt is larger than Pcvo, which is not possible because 
the opening pressure cannot be less than the closing pressure. The error in 
this case should not be in the estimation of the valve’s temperature because 
it is too close to the top of the perforations. The error must be in the mea-
surement of the injection surface opening pressure, which was measured 
at 860 psi.

A downhole pressure and temperature survey was run and the Pto pressure 
was found to be 160 psig and the valve’s temperature was about 135°F. With 
these new values, the valve’s force–balance equation is used one more time 
to find the surface opening pressure Pcso. This time, a is 6.225 and b is 1.171, 
thus Pbt = 817.7 (1.171) − 6.225 = 951.3 psig and Pcvo is:

( )= −
−

=
−
−

=P
P RP

R1

951.3 0.038 160

1 0.038
982.56 psigcvo

bt to

With 982.56 psig at depth, the surface pressure Pcso is found to be 982.56/fg. 
The gas factor was calculated to be 1.0917, so the surface injection pressure 
was approximately 900 psig, which indicates that the surface pressure was 
being measured with an error of approximately 40 psig. This is the reason 
why the volume of gas injected per cycle, calculated from what the annulus 
and injection line can provide for the given valve’s spread, does not coincide 
with the volume of gas calculated from the number of cycles per day and the 
surface gas flow rate (which was properly measured). It is very important to 
measure as accurately as possible the surface injection and production pres-
sures to be able to perform accurate troubleshooting analyses.

The volume of gas injected per cycle was confirmed to be appropriate to 
obtain a small fallback factor. The productivity index was calculated using 
equation (12.32) and it turned out to be very small (0.05 Br/D-psi). Forma-
tion damage was the cause of the reduction in the daily liquid production. 
In fact, a stimulation job was performed on the well and the production in-
creased to 422 STB/D in continuous flow. The well had a design fit for larger 
liquid flow rates on continuous gas lift, but it was “on its own” producing 
on intermittent gas lift because of the low production pressure caused by the 
very low liquid flow rate from the formation.

Pcvo=Pbt−RPto1−R=951.3−0.03816
01−0.038=982.56 psig
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12.6.4 Example #4 (optimized well)
The well data is as follows:

Reservoir static pressure: 650 psig; 21°API oil gravity; 55% water cut; for-
mation gas/liquid ratio: 1500 scf/STB; casing: 7-in. × 23-lb/ft.; Production 
tubing ID: 1.995 in.; production tubing OD: 2.375 in.; top of perforations’ 
depth: 4080 ft.; packer’s depth: 3980 ft.; gas injection line length: 410 ft.; 
gas injection line ID: 2.07 in. A spring-loaded, injection-pressure-operated 
pilot valve was installed in the well (Table 12.6).

Conditions at the moment of the analysis: surface injection opening pressure: 
825 psig; surface injection closing pressure: 795 psig; wellhead production 
pressure: 80 psig; cycle time: 18 min; surface gas flow rate: 269 Mscf/D; 
daily liquid production: 192 STB/D (Fig. 12.53).

The volume of gas injected per cycle is 
( ) ( ) 











269,000scf/D

1440min/D / 18min/cycle
= 3,362scf/cycle. This volume should be adequate to maintain a low fall-
back factor because the production tubing ID is very small. The initial liquid 
column that accumulates at each cycle above the operating valve is given by:

( ) ( ) ( )( )
=

  −
=

Q
192 Br/D

1440 min/D / 18 min/cycle 0.00386631Br/ft. 1 (0.05)3.871
769.72 ft.

ini

Where the volumetric capacity of the production tubing, equal to 
0.00386631 Br/ft., has been used and a fallback factor of 0.05 seems to be 
appropriate in this case as a good approximation. The liquid pressure gradi-
ent calculated from the water cut and the API gravity of the oil is found from:

ρ = +
+







=0.433 0.55 0.45
141.5

131.5 21
0.4189 psi/ft.f

Therefore, the production pressure at valve’s depth, just before the gas lift 
valve opens, is given by (assuming fg for the pressure in the production tub-
ing equal to one):

ρ= + = + =P P f Q 80 psig (0.4189 psi/ft.)769.72 ft. 402.43psigfto wh g ini

2,69,000 scf/D1440 min/D/18 min/cy
cle=3,362 scf/cycle

Qini=192 Br/D 1440 min/D/18 mi
n/cycle0.00386631 Br/ft.1−(-

0.05)3.871=769.72 ft.

ρf=0.4330.55+0.45141.5131.5+21=0.
4189 psi/ft.

Pto=Pwhfg+ρfQini=80 psig+(0.4189 ps
i/ft.)769.72 ft.=402.43 psig

Table 12.6 Valves installed in the well

Depth (ft.) Valve model Port diameter (64th in.) Ptr (psig)

3871 WFM14R 32 797

■■ FIGURE 12.53 Wellhead pressure 
chart at the time of the troubleshooting 
analysis.
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The valve’s force–balance equation is used to find the injection opening 
pressure at valve’s depth (with a test-rack closing pressure of 797 psig not 
affected by temperature because the operating valve is a spring-loaded pilot 
valve with an area ratio of 0.183):

( )=
−

−
= −

−
=P

P R P

R1

797 0.183(402.43)

1 0.183
885.38 psigcvo

trc to

Using the appropriate gas factor fg (for the gas pressure inside the annulus), 
the corresponding surface injection pressure is then calculated to be equal to 
approximately 798 psig, which is less than its measured value of 825 psig. 
The error could have been made in the measured injection pressure or in 
the measured liquid production (if the production is too large, the Pto pres-
sure calculated earlier would also be large giving a low injection opening 
pressure). An opposite calculation procedure would be to assume the mea-
sured surface injection opening pressure to be correct and use the valve’s 
force–balance equation to calculate the production pressure Pto, from which 
the daily production can then be calculated. Using the gas factor fg and the 
measured surface injection pressure, the opening and closing pressures at 
depth are calculated as 912 and 879 psig, respectively. Then, pressure Pto is:

( ) ( )=
− −

=
− −

=P
P R P

R

.

.
.

1 797 1 0 183 912

0 183
283 58 psigcvo

to
trc

Now, the initial liquid column can be approximated as: 
ρ

= − =Q
P P

f
ini

to wh

− =.

.
.

283 58 80

0 4189
485 98ft.

The daily liquid production is then (using Eq. 10.19) equal to:

[ ]( )( ) ( )=






−

=

. . .

.

Production 0 00386631 Br/ft. 485.98 ft.
1440 min/D

18 min/cycle
1 0 05 3 871

121 22 Br/D

The liquid production was measured again and it was found to be 105 Br/D. 
With a liquid production of 192 Br/D the productivity index was calculated 
at 0.76 Br/D-psi, which gives an optimum cycle time of 13 minutes. With 
a production of 121.22 Br/D, the productivity index is found to be equal 
to 0.4 Br/D-psi, for which the optimum cycle time is about 16 min. So the 
well was producing with a cycle time very close to its optimum value. Even 
though the spread of the valve seemed to be very small, the gas volume 
injected per cycle was adequate. This is due to the fact that the production 
tubing ID was very small and the casing ID was large.

Pcvo=Ptrc−RPto1−R=797−0.183(40
2.43)1−0.183=885.38 psig

Pto=Ptrc−1−RPcvoR=797−1−0.183
9120.183=283.58 psig

Qini=Pto−Pwhρf=283.58−800.418
9=485.98 ft.

Production=0.00386631 Br/
ft.485.98 ft.1440 min/D18 min/cyc

le1−0.053.871=121.22 Br/D
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12.6.5 Example #5 (large fallback losses)
The well data is as follows:

Reservoir static pressure: 895 psig; 15°API oil gravity; 3% water cut; for-
mation gas/liquid ratio: 170 scf/Br; casing: 7-in. × 23-lb/ft.; production 
tubing ID: 2.992 in.; production tubing OD: 3.5 in.; depth of top of perfora-
tions: 3695 ft.; packer’s depth: 3522 ft.; gas injection line length: 3086 ft.; 
gas injection line ID: 2.07 in. The gas lift valves installed in the well are 
given in Table 12.7.

The WF14R valve is an injection-pressure-operated, spring-loaded pilot 
valve. Its area ratio was equal to 0.239.

The charts in Fig. 12.54 show the behavior of the surface injection pres-
sures for Dec. 28, 2001 and for Sep. 20, 2002. The chart for Dec. 2001 was 
a 24-h chart while the one for Sep. 2002 was a 7-day chart. The cycle time 
for Sep. 2002 was longer because the surface injection gas flow rate was 
lower. As a consequence of longer cycle times, the liquid columns being 
lifted were of greater lengths. The liquid column length has an impact on 
the injection opening pressure: the greater the length of the liquid columns, 
the greater their contribution to open the gas lift valve will be and, in con-
sequence, the lower the required gas injection opening pressure would be. 
This is what happened in the two charts shown in the figure: Because the 
valve was spring-loaded, the closing pressure remained constant (as shown) 
but the injection opening pressure was smaller in Sep. 2002 due to a longer 
cycle time. Even though the liquid slugs were greater in the chart of Sep. 
2002, the maximum wellhead production pressure was smaller because the 
liquid slugs reached the surface at lower velocities.

Operational conditions for Dec. 2001:

Production wellhead pressure: 70 psig (with a slow decrease of the pro-
duction pressure after the maximum production pressure peak has been 
reached at every cycle, probably due to the large viscosity of the oil); sur-
face injection opening pressure: 790 psig; surface injection closing pres-
sure: 735 psig; total cycle time: 17.5 min; surface injection gas flow rate: 
400 Mscf/D; production: 220 STB/D.

Table 12.7 Valves Installed in the Well

Depth (ft.) Valve Port diameter (64th in.) Ptr (psig)

1851 N14R 16 884
3466 WF14R 48 792

■■ FIGURE 12.54 Surface pressure charts: 
(a) Dec. 28, 2001 and (b) Sep. 20, 2002.
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The produced liquid column length is calculated (using a production tubing 
volumetric capacity of 0.0086963 Br/ft.) as:

( ) ( ) ( )
=

 
=Q

220 Br/D

1440 min/D / 17.5 min/cycle 0.0086963 Br/ft.
307.44 ft/cycleprod

The volume of gas injected per cycle is equal to (400,000 scf/D)/
[1440 (min/D)/17.5 (min/cycle)] = 4,861 scf/cycle. Due to fallback losses, 
the initial liquid column length should be greater than the length of the pro-
duced liquid column; but even a 307 ft. long liquid column requires more 
than 5000 scf/cycle to be produced with low liquid fallback losses, thus 
not enough gas was being injected per cycle. Additionally, for low API oil 
gravities the fallback losses are very large and difficult to estimate. If the 
measured surface pressures are considered to be reliable, the initial liquid 
column length and the fallback losses can be estimated by calculating the 
production pressure at valve’s depth (Pto) at the moment the valve opens. 
Using the appropriate gas factor fg, the injection opening and closing pres-
sures at depth are determined to be 865 and 804 psig, respectively. Using the 
valve’s force–balance equation (knowing that the test-rack closing pressure 
is equal to 792 psig and the valve’s area ratio is 0.239) the following expres-
sion is used to calculate the production pressure Pto:

( ) ( )=
− −

=
− −

=P
P R P

R

1 792 1 0.239 865

0.239
559.56 psigcvo

to
trc

With this calculated value of Pto, the production wellhead pressure of 
70 psig, and the liquid pressure gradient of 0.418 psi/ft. found from the 
water cut and the oil API gravity using equation (12.23), the initial liquid 
column length just before the valve opens is:

= − =Q
559.56 psig 70 psig

0.418 psi/ft.
1171.2 ft.ini

And the liquid fallback factor is then equal to:

( )=
−

=F
1171.2 307.44 /1171.2

3.466
0.21

This means that 21% of the initial liquid column per each thousand feet of 
depth of the point of injection is not produced to the surface. This fallback 
factor is very large and it is due to the nature of the oil being lifted and the 
small volume of gas injected per cycle. Because the liquid fallback factor 
calculated earlier is not very reliable (it is highly possible that the surface 
pressures and the gas specific gravity were not accurately measured), it is 

Qprod=220 Br/D1440 min/D/17.5 min/
cycle0.0086963  Br/ft.=307.44 ft/cycle

Pto=Ptrc−1−RPcvoR=792−1−0.239
8650.239=559.56 psig

Qini=559.56 psig−70 psig0.418 psi/ft.
=1171.2 ft.

F=1171.2−307.44/1171.23.466=0.21
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not possible to calculate the productivity index and the optimum cycle time. 
It is clear that the pilot valve should be replaced with another one with a 
greater area ratio so that a larger volume of gas could be injected per cycle 
or a surface intermitter should be installed to force the pilot valve to remain 
opened for longer periods of time. After the pilot valve has been replaced, 
the optimum cycle time can then be found by a trial and error field proce-
dure (changing the surface gas flow rate and testing the well at each gas 
injection frequency). To get more information at current operational condi-
tions, a downhole pressure and temperature survey could be run in the well, 
taking into consideration that many weight bars (which require the use of a 
long lubricator and a special rig) might be needed because of the viscosity of 
the oil being lifted. Highly viscous oils should not be lifted with gas lift be-
cause gas lift is a very inefficient method of production for this type of fluid.

Troubleshooting analysis for the conditions in Sep. 2002:

Production wellhead pressure: 65 psig; cycle time: 35 min; surface injection 
opening pressure: 740 psig, which corresponds to an injection pressure of 
809.7 psig at valve’s depth; surface injection closing pressure: 730 psig; dai-
ly liquid production: 120 STB/D. The surface gas flow rate has been reduced 
(compared to the flow rate in Dec. 2001), so the cycle time was longer and 
the injection opening pressure was lower. The produced liquid column was:

( ) ( ) ( )=
 

=Q
120 Br/D

1440 min/D / 35min/cycle 0.0086963 Br/ft.
335.39 ft.prod

Using the valve’s force–balance equation (with a test-rack closing pressure 
of 792 psig and an area ratio equal to 0.239), the production pressure at 
valve’s depth at the moment the valve opens is:

( ) ( )=
− −

=
− −

=P
P R P

R

. .

.
.

1 792 1 0 239 809 7

0 239
735 64 psigcvo

to
trc

With the production pressure Pto calculated in this way, the wellhead pres-
sure of 65 psig, and the liquid gradient (calculated from the water cut and 
the oil API gravity) equal to 0.418 psi/ft., the initial liquid column above the 
operating valve (when it opens) is:

= − =Q
735.64 psig 65 psig

0.418 psi/ft.
1604.4 ft.ini

And the liquid fallback factor is then equal to:

( )=
−

=F
. . .

.
.

1604 4 335 39 /1604 4

3 466
0 228

Qprod=120 Br/D1440 min/D/35 min/cy
cle0.0086963 Br/ft.=335.39 ft.

Pto=Ptrc−1−RPcvoR=792−1−0.239
809.70.239=735.64 psig

Qini=735.64 psig−65 psig0.418 psi/
ft.=1604.4 ft.

F=1604.4−335.39/1604.43.466=0.228
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This means that 22.8% of the initial liquid column per each Mft. of depth 
of the point of injection is not produced to the surface. It is demonstrated 
then that by making the cycle time longer, the liquid columns are greater, the 
volume of gas injected per cycle becomes smaller, and the fallback factor 
increases for cases in which the volume of gas injected per cycle is smaller 
than its required value.

12.6.6 Example #6 (tubing-annulus communication)
The well data is as follows:

Reservoir static pressure: 890 psig; 14.5°API oil gravity; 0% water cut; cas-
ing: 7-in. × 23-lb/ft.; production tubing ID: 2.992 in.; production tubing OD: 
3.5 in.; top of perforations’ depth: 3692 ft.; Packer’s depth: 3577 ft. The single-
element valves that were installed in the well are presented in Table 12.8.

The liquid production was equal to 338 STB/D, with a surface gas injection 
of 600 Mscf/D, a cycle time of 45 min, and a surface pressure pattern as 
shown in the two-pen pressure chart in Fig. 12.55.

The two-pen pressure chart revealed a typical pattern found when there is a 
tubing-annulus communication (very low injection pressure and very large 
valve’s spread). The volume of gas injected per cycle, found from the sur-
face gas flow rate and the cycle time, is:

( ) ( )= =v
600000 scf/D

1440 min/D / 45min/cycle
18750 scfgs

vgs=600000 scf/D1440 min/D/45 min/c
ycle=18750 scf

Table 12.8 Valves Installed in the Well

Depth (ft.) Valve Model Port Diameter (64th  in.) Ptr (psig)

1884 R-20 16 1019
3500 R-20 16 930

■■ FIGURE 12.55 Wellhead pressure chart.
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This is a very large volume of gas injected per cycle that should be adequate 
to keep the liquid fallback losses at a minimum value even for very long 
liquid slugs. The liquid production per cycle was equal to 10.56 Br, which 
in a 3½-in. tubing generated a liquid column of length:

( ) ( ) ( )
=

 
=Q

338 Br/D

1440 min/D / 45min/cycle 0.0086963Br/ft.
1214.6ft.

If it is assumed that the injection point is close to the depth of the deepest 
valve and disregarding the liquid fallback losses, the production pressure at 
valve’s depth (Pto) just before the injection gas begins to enter the produc-
tion tubing (taking into account a wellhead pressure of 40 psi and a liquid 
gradient of 0.42 psi/ft.) was:

= + =P 1214.6 ft.(0.42 psi/ft.) 40 psi 550 psito

This pressure represents a surface pressure equal to 503 psig, which is simi-
lar to the one in the two-pen pressure chart, so the communication must 
be close to the design operating valve. Using a sonic device it was found 
that the liquid level was not constant, which definitely confirmed a tubing-
annulus communication, but its exact location was not reported. Because 
the injection gas/liquid ratio was acceptable and the liquid production did 
not decrease when the well started showing signs of a casing–tubing com-
munication, it was decided to leave the well operating in this way. Even-
tually, when the reservoir pressure declines, the injection gas/liquid ratio 
will increase (because of the uncontrolled way in which the gas is injected 
through the communication) and a new well completion must be installed. 
In fact, this well was on gas lift only because it was one of the few wells 
producing low API gravity oil in a very large off-shore gas lift field and it 
was “economically” feasible to take advantage of the abundant availability 
of high-pressure injection gas; otherwise, this well should be produced with 
a different type of artificial lift method.

12.6.7 Example #7 (pilot valve failure/inadequate 
spread)
The well data is as follows:

Reservoir static pressure: 928 psig; 13°API oil gravity; 40% water cut; for-
mation gas/liquid ratio: 1300 scf/STB; casing: 7-in. × 23-lb/ft.; production 
tubing ID: 2.992 in.; production tubing OD: 3.5 in.; depth of top of perfora-
tions: 4320 ft.; Packer’s depth: 4125 ft. Gas lift valves installed in the well 
are presented in Table 12.9.

Q=338 Br/D 1440 min/D/45 min/cyc
le0.0086963 Br/ft.=1214.6 ft.

Pto=1214.6 ft.(0.42 psi/ft.)+40 psi=5
50 psi
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The previous operating pilot valve was a WF14R valve, which is an injec-
tion-pressure-operated, spring-loaded, pilot valve with a test-rack closing 
pressure of 880 psig. But the behavior of this valve was irregular as it is 
shown in the pressure chart of Fig. 12.56. Variations of the injection pres-
sure as shown in the two-pen pressure chart are typical of wells with pilot 
valves in which the piston movement is irregular. The reader is advised to 

■■ FIGURE 12.56 Irregular behavior of the pilot valve caused by irregular movements of the valve’s internal piston (choke 
control intermittent gas lift).

Table 12.9 Valves Installed in the Well

Depth (ft.) Valve Model Port Diameter (64th in.) Ptr (psig)

2116 N14R 12 957
3782 WF14R 48 792
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review Fig. 10.6 to identify the upper and lower sections of a pilot valve and 
understand the role each of these components play in the operation of the 
valve. The following observations are made: (1) when the pilot valve finally 
closes and the gas injection pressure begins to increase, the injection pres-
sure recovery curves (at the same pressure levels) are all parallel (this indi-
cates the fact that the lower part of the valve might indeed be 100% closed); 
and (2) the valve’s opening pressures were more or less constant (the small 
variations were due to the difference in length of the liquid column to be 
lifted at each cycle), which indicates that the pilot valve’s upper section was 
working properly and the problem had to do with the piston movement.

In some occasions, when the upper part of the valve opened, the lower part 
of the valve was only partially opened and the injection pressure decreased 
at a lower rate. The irregular behavior of the piston movement was the rea-
son why in some cycles the injection pressure dropped sharply and in others 
it dropped very slowly. When the injection pressure dropped sharply it was 
because the lower part of the valve was fully opened and two effects can 
be noticed in this case: (1) the injection closing pressure was higher due to 
the normal dynamic effect that this type of valve experiences in good work-
ing conditions, making the actual closing pressure higher than the test-rack 
closing pressure; (2) the high instantaneous gas flow rate through the valve 
makes the liquid slug travel faster and the wellhead production pressure 
peaks are considerably larger. Instead, when the injection pressure dropped 
very slowly, the lower section of the valve was not fully open so the dynamic 
effect that makes the valve close at higher pressure was not present and the 
valve closed at a lower injection pressure. This lower closing pressure was 
most of the time of constant value when the injection pressure dropped very 
slowly, although sometimes the valve closed at even lower pressures. When 
the pilot valve was partially opened, the liquid slugs traveled at a very small 
velocity so the production wellhead pressure did not increase when the liq-
uid slugs arrived at the surface and it was estimated that the fallback factor 
must had been very large: The instantaneous gas flow rate through the valve 
was in this case very small so that the efficiency of the volume injected per 
cycle was very poor.

With the pilot valve working in the way it is depicted in Fig. 12.56, it is very 
difficult to do any type of quantitative analysis.

With this irregular behavior of the pilot valve, the liquid production was 
50 STB/D with a surface injection gas flow rate of 244 Mscf/D and water 
cut of 32%. The pilot valve was replaced with a new one of the same model 
and area ratio. This new valve was in good working conditions but the liquid 
production dropped to 47 STB/D with a water cut of 42% and at the same 
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surface injection gas flow rate of 244 Mscf/D. The total cycle time was 
then equal to 15 minutes, so that the volume of gas injected per cycle was 
2541 scf/cycle. According to the energy balance equation given in chap-
ter: Design of Intermittent Gas Lift Installations, the required volume of 
gas to be injected per cycle should have been equal to 10,600 scf/cycle, 
so that after the damaged valve was replaced, only 25% of the required 
volume was being injected per cycle. As seen in the two-pen pressure chart 
of Fig. 12.57, the spread of the valve was very small, which might be due 
to a very high production pressure caused by large liquid columns that are 
not entirely produced to the surface. In these cases, it is convenient to tem-
porarily increase the surface injection gas flow rate to very large values to 
see if the well’s large liquid column can be unloaded (in the same unload-
ing process depicted in Fig. 12.27). If, by doing so, the spread of the valve 
increases, the surface injection gas flow rate can then be reduced back to its 
design value and the well should be monitored to detect if it loads up with 
liquids again.

Because the operating valve is spring loaded, the test-rack closing pressure 
should be equal to the valve’s closing pressure at depth plus the usual minor 
deviation these valves exhibit due to dynamic effects. This test-rack closing 
pressure was equal to 792 psig. With the measured injection pressure shown 
in the two-pen pressure chart of Fig. 12.57, the valve’s opening injection 
pressure at depth is calculated to be equal to 721 psig, which is much lower 
than the closing pressure at depth of 792 psig, indicating a possible error in 
the wellhead pressure measurements (the numbers shown in the pressure 
chart correspond to the surface production pressure and not to the injection 
pressure).

The production pressure at valve’s depth when the valve opens (Pto) can be 
found from the valve’s force–balance equation with the injection pressure 
at depth equal to 721 psig, valve calibration closing pressure of 792 psi, and 
the area ratio of 0.239:

= −
− P

0.239
721psi 792psi

721psi to

So that Pto is found to be equal to 1018 psi. The previous equation is valid 
even if the gas injection pressure is less than the production pressure at the 
moment the valve opens because both pressures tend to open the valve (it is 
physically possible that, due to a very large production pressure, the valve 
opens at an injection pressure lower than the injection closing pressure). 
There is nothing wrong in the production pressure calculation done in this 
way. What is not correct in this case is to have an injection pressure lower 

0.239=721psi−792psi721psi−Pto

■■ FIGURE 12.57 Wellhead pressure chart 
after the pilot valve with the chaotic 
behavior was replaced with a pilot valve 
in good working conditions.
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than the production pressure and have gas flowing from the annulus toward 
the tubing. On the other hand, the tubing pressure calculated in this way 
is above the static reservoir pressure, which is not possible because there 
is no evidence of a tubing-annulus communication that would allow liquid 
accumulation in the annulus. It is highly possible then that the surface in-
jection pressure was not accurately measured. The other possibility is that 
the valve’s calibration closing pressure was lower than the one reported in 
the design, but this is a very unusual mistake. In any case, the volume of 
gas injected per cycle was very small. It was decided then to increase the 
surface gas flow rate to reduce the cycle time so that smaller slugs would be 
generated and the injection opening pressure could be a little higher. This 
will in turn increase the spread of the valve and the volume of gas injected 
per cycle. With a higher volume of gas injected per cycle and wellhead pres-
sure sensors accurately calibrated, a precise troubleshooting analysis can be 
performed, making it possible to calculate the productivity index and the 
optimum cycle time.

It is possible that the required volume of gas injected per cycle to finally 
unload the well can not be attained if the well is kept on choke control. In 
this case, the pilot valve should be replaced with the same type of valve but 
with a larger area ratio that would allow a greater spread. In fact, the gas 
flow rate was increased but the spread of the valve only increased a few psi, 
see Fig. 12.58. The liquid production increased to 98 STB/D. As can be seen 
in Fig. 12.58, the sensors were still not well calibrated because the measured 
pressures were still very low.

It is a good practice to drastically increase the surface injection gas flow 
rate, but only until the spread of the valve becomes as large as expected from 
the design. Then the gas flow rate should be reduced back to its design value 

■■ FIGURE 12.58 Wellhead pressure chart after the surface gas flow rate was increased.
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to see if the well loads up again, see Fig. 12.27 and the explanation given 
for it in Section 12.5.1.

12.6.8 Example #8 (inadequate continuous  
gas lift design)
The well data is as follows:

Static reservoir pressure: 897 psig; 27°API oil gravity; 14% water cut; for-
mation gas/liquid ratio: 1,119 scf/STB; casing: 7-in. × 23-lb/ft.; production 
tubing ID: 2.992 in.; production tubing OD: 3.5 in.; depth of top of perfora-
tions: 4690 ft.; packer’s depth: 3971 ft. The well has two injection-pressure-
operated, nitrogen-charged, single-element gas lift valves with test-rack 
opening pressures shown in Table 12.10.

Operational data:

Production: 126 STB/D; surface injection gas flow rate: 142 Mscf/D; liquid 
gradient (from water cut and oil API gravity): 0.393 psi/ft.; the well operates 
on intermittent gas lift, with a “supposedly” high surface injection pressure 
of 1095 psig and a surface closing pressure equal to 1065 psig; Wellhead 
production pressure from 30 to 60 psig; cycle time: 22.5 min; the operating 
valve remained open for 8 min.

The well was designed for continuous flow but it was operating on what ap-
pears to be an intermittent gas lift operation. Injection-pressure fluctuations 
shown in Fig. 12.59 are typical of single-element valves, for which the time 
the valve remains open is very long (due to the small size of the valve’s 
seat) and the spread is very small (because the area ratio of the valve is also 
very small). By only looking at the two-pen pressure chart, one might con-
clude that because the injection pressure was very high, possibly the upper 
valve was opening and closing and the operating deeper valve was opened all  
the time. Moreover, one might think of a different possibility in which only 
one valve was operating and it was on throttling flow (never completely clos-
ing). But the analysis that is described next indicates that the injection pres-
sure should be in reality less than the one in the chart and the well is indeed on 
intermittent gas lift with the deepest valve as the operating point of injection.

Table 12.10 Valves Installed in the Well

Depth 
(ft.)

Valve 
Model

Seat Diameter 
(64th in.)

Design Opening 
Pressure (psig) Ptr (psig)

2116 VR-STD 12 1046 930
3928 VR-STD 12 949 875
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With a static reservoir pressure of 897 psig at 4690 ft., a wellhead produc-
tion pressure of 30 psig, and a liquid gradient of 0.393 psi/ft., the reservoir 

static liquid level would be at: −
−

=4690 ft.
897psig 30 psig

0.393psi/ft.
2484 ft. So the 

static liquid level is below the upper valve. If the upper valve was the only 
operating point of injection, the well would not produce any liquids.

Intermittent gas lift troubleshooting analysis:

The produced liquid column is found to be: Qprod = 

( )( ) =
126 Br/D

1440 min/D 8.69 Br/Mft. / 22.5min/cycle
0.226 Mft.

The required volume of gas injected per cycle to lift this liquid column 
is closed to 4000 scf/cycle. A larger volume of gas injected per cycle is 
required in this case because the initial liquid column at depth should be 
greater than 226 ft. The volume of gas injected per cycle obtained dividing 
the surface gas flow rate by the number of cycles in one day is equal to only 
2219 scf/cycle, so the liquid fallback losses in this well must have been very 
large. The initial liquid column is calculated first assuming an arbitrarily 
large fallback factor equal to 0.15:

[ ] [ ]=
−

=

Q
126 Br/D

(1440 min/D)/22.5min/cycle 8.69 Br/Mft. 1 0.15(3.928)
0.5515Mft.

ini

4690 ft.−897 psig−30 psig0.393 psi/f
t.=2484 ft.

126 Br/D1440 min/D8.69 Br/Mft./22.
5 min/cycle=0.226 Mft

Qini=126 Br/D[(1440 min/D)/2
2.5 min/cycle] 8.69 Br/Mft.  1−0

.15(3.928)=0.5515 Mft.

■■ FIGURE 12.59 Wellhead pressure chart for the operational conditions at the time of the troubleshooting analysis.
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The production pressure at valve depth when the deepest valve opens would 
then be: Pto = Pwh + ρfQini = 30 + 0.393 (551.5) = 246.73 psi. This means 
that if the operating valve was flat, the surface maximum pressure would be 
close to 246.73/fg. This gives a surface injection pressure of only 225 psig, 
which is very low in comparison to its measured value. The force–balance 
equation should be used to find its injection opening pressure if the valve 
is assumed to be in good working conditions. For this purpose, the deeper 
valve’s temperature is assumed to be equal to the average between the geo-
thermal temperatures at valve’s depth and at the depth of the perforations. 
This gives a temperature approximately equal to 155°F at valve’s depth. 
The calculation of the injection opening pressure at valve’s depth (Pcvo) is 
as follows:

( ) ( )
( )

( ) ( )

( )
( )

= − = − =

= + − =

= − − = − =

= −
−

=
−

=

a . T . .

b . .

P R P b a . . . .

P
P RP

R

. .

.
.

0 083 60 0 083 155 60 7 88

1 0 002283 155 60 1 2168

1 0 966 875 1 2168 7 88 1020 62

1

1020 62 0 034 246

0 966
1047 88 psigcvo

v

bt tr

bt to

This pressure referred to the surface is approximately equal to 940 psig 
(= 1047.88/fg), which is less than the one reported in the two-pen pressure 
chart.

Continuing with the calculations assuming a high liquid fallback factor, the 
productivity index is calculated to be equal to 0.27 Br/D-psi, for which the 
optimum cycle time is approximately 30 min.

Carrying out the calculations with a liquid fallback factor of only 0.05 (less 
probable because of the small volume of gas injected per cycle), the liquid 
column above the operating valve just before it opens is:

[ ] [ ]
=

−
=

Q
126 Br/D

(1440 min/D) /(22.5min/cycle) 8.69 Br/Mft. 1 0.05(3.928)
0.28192 Mft.

ini

The production pressure at valve’s depth when the deeper valve opens would 
be: Pto = Pwh + ρfQini = 30 + 0.393 (281.92) = 140.79 psig. This means that 
a flat valve would allow to pass gas at a pressure close to 140.79/fg. This 
pressure is approximately 128 psig, which is again too small compared to 
the one reported in the two-pen pressure chart. The valve’s force–balance 
equation is now used to find the injection opening pressure assuming that 
the valve is in good working condition. Assuming a valve’s temperature of 

a=0.083Tv−60=0.083155−60=
7.88b=1+0.002283155−60=1.2
168Pbt=1−RPtrb−a=0.966875

1.2168−7.88=1020.62Pcvo=Pbt
−RPto1−R=1020.62−0.034246-

0.966=1047.88 psig

Qini=126 Br/D(1440 min/D)/22.5 min/cycle8.69 Br/Mft.1−0.05(3.928-
)=0.28192 Mft.
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155°F, the calculation of the valve opening injection pressure at depth, Pcvo, 
is as follows (using the value of Pbt calculated earlier):

( )
( )= −

−
=

−
=P

P RP

R

. . .

.1

1020 62 0 034 140 79

0 966
1051.59 psigcvo

bt to

This pressure referred to the surface is approximately equal to 943 psig 
(= 1051.59/fg), which is less than the one in the pressure chart. Following the 
calculations assuming a small fallback factor, the productivity index would 
be equal to 0.23 Br/D-psi, for which the optimum cycle time is 45 min.

These calculations indicate that, regardless of the value of the fallback fac-
tor, if the lower valve is in good working condition, the surface injection 
pressure should be approximately 940 psig and not as high as the 1095 psig 
reported. On the other hand, for a flat valve the injection pressure would 
have to be very low. However, these results do not contradict the fact that 
the lower valve could have been open and the upper valve was opening and 
closing or in throttling flow. Calculations are now made assuming the well 
was producing on continuous flow.

Troubleshooting analysis for continuous flow:

To perform the analysis for continuous flow, the production tubing pressure 
was calculated with the reported daily liquid production and the point of 
injection at the deepest valve. The injection pressure along the annulus was 
calculated also. The valves’ force–balance equation was used to calculate 
the injection opening and closing pressures at the depth of each valve (Pcvo 
and Pcvc). This was done with the area ratio and the calibration pressure of 
each valve. Fig. 12.60 shows the results of the calculations for continuous 

Pcvo=Pbt−RPto1−R=1020.62−0.034
140.790.966=1051.59 psig

■■ FIGURE 12.60 Results from continuous gas lift trouble-shooting calculations.
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flow. It can be seen that the injection pressures at depth Pcvoc (calculated 
from the surface maximum injection pressure reported in the chart) are 
greater than the opening pressures Pcvo (calculated from the force–balance 
equation) so that all valves must be opened.

Table 12.11 shows the results presented in Fig. 12.60:

These results indicate that, if the valves are in good conditions, both valves 
should be opened and passing a gas flow rate much greater than the one 
reported at the time of this analysis. As can be seen in the previous table, 
the total gas flow rate should be equal to 1645 Mscf/D and this is the most 
important clue that points to the fact that the actual surface injection pres-
sures were different from the ones shown in Fig. 12.59. On the other hand, 
with the injection closing and opening pressures obtained for the lower 
valve from the above intermittent troubleshooting analysis, the volume of 
gas injected per cycle coming from the annulus and surface injection line, 
coincides with the volume of gas calculated by simply dividing the surface 
gas flow rate in Mscf/D by the number of cycles per day. The gas mass bal-
ance clearly establishes then that the well was indeed on intermittent gas lift, 
with the deepest valve as the operating point of injection. A downhole pres-
sure and temperature survey was run in the well and its results are shown 
in Fig. 12.61 (three stops were made below each valve and at the top of the 
perforations).

It is deduced from the survey that the deeper (second) valve corresponds 
to the operating valve: its temperature decreases at each gas injection cycle 
while the temperature of the upper (first) valve increases every time the hot-
ter liquid slugs pass around the sensors at that depth. Another evidence is  
the fact that the minimum pressure for the upper valve is equal to the well-
head pressure (there is no liquid above the upper valve). Table 12.12 shows 

Table 12.11 Results Shown in Fig. 12.60

Valve Valve 1 (Upper) Valve 2 (Lower)

Injection pressure at depth calculated from the surface pressure measured 
and presented in the pressure chart (psig)

1162 1218

Tubing pressure (calculated from the daily production and total gas/liquid 
ratio) at depth (psig)

190 396

Required injection pressure at valve depth to pass the measured surface gas 
flow rate through an orifice valve (psig)

234 422

Injection closing pressure at valve’s depth calculated from the valve’s  
force–balance equation and the calibration data (psig)

1051 1024

Injection opening pressure at valve’s depth calculated from the valve’s  
force–balance equation and the calibration data (psig)

1081 1046

Gas flow rate the valve would be able to pass if it was an orifice valve (Mscf/D) 813 832
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the pressures and temperatures at each valve at the time the lower valve 
opens.

The closing and opening pressures at valve’s depth are calculated from the 
valve’s force–balance equation and the data from Table 12.12. For the first 
valve:

( ) ( )
( )

( ) ( )
( )

= − = − =

= + − =

= − − = − =

= −
−

=
−

=

a  T

b

P R P b a

P
P RP

R

0.083 60 0.083 132 60 6
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v

bt tr

bt to

The closing and opening pressures of the first valve are 1036 and 1069.5 psig, 
respectively. The injection opening pressure referred to the surface is then 
1009 psi. For the second valve:

( ) ( )
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a=0.083 Tv−60=0.083132−60=6b=
1+0.002283132−60=1.16Pbt=1−R

Ptrb −a=0.9669301.16−6=1036 psi
Pcvo=Pbt−RPto1−R=1036−0.0348

30.966=1069.5 psi

a=0.083Tv−60=0.083153−60=7.71b=
1+0.002283153−60=1.21Pbt=1−RPt
rb−a=0.9668751.21−7.71=1015 psiP
cvo=Pbt−RPto1−R=1015−0.034(20

1)0.966=1043.65 psi

■■ FIGURE 12.61 Downhole pressure and temperature survey.

Table 12.12 Temperature and Pressure at Each Valve When the Lower 
Valve Opens

Valve Tubing Pressure (psig) Temperature (°F)

1 83 132
2 201 153
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The closing and opening pressures of the second valve are 1015 and 
1043.65 psig, respectively. The injection opening pressure referred to the 
surface is then 941 psi (very close to the 943 psi calculated earlier from 
the calculated value of Qini and with the use of the valve’s force–balance 
equation). The force–balance equation indicates that the opening pressures 
should be lower than the ones in the two-pen pressure chart. This is due 
to an obvious calibration problem of the instruments used to measure the 
wellhead pressures. Even though it is not easy to determine from the survey 
the tubing pressure at the second valve when it opens, its value should be 
between 201 and 219 psi. If the tubing pressure at the lower valve is 201 psi:
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If the tubing pressure at the lower valve is 219 psi:
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The fallback factor is very large and it should be between 9.4% and 11.2%.
The true liquid gradient is very small and no greater than 0.12 psi/ft. indicat-
ing a large formation gas/liquid ratio. The well was producing on intermit-
tent gas lift because the size of the valve’s seat was too large for the current 
value of the production pressure (which was too low). The gas flow rate 
through the deeper gas lift valve was then greater than the surface injection 
gas flow rate so the annular pressure dropped every time the gas lift valve 
opened. It is recommended in this case to calibrate the wellhead pressure 
sensors and increase the surface gas flow rate to see if the liquid production 
could be increased and if the well can produce on a stable continuous gas lift 
operation. If this could only be achieved with a very high injection gas flow 

Qini=201 psi−Pwh0.393 psi/ft.=201 psi−60 psi0.393 psi/ft.=-
358.77 ft. F=Qini−Qprod/QiniDov=358.77 ft.−226 f
t./358.77 ft.3.928 Mft.100=9.4% /Mft. Gt(true gradi-

ent)=Pressuretopperf.−PressurevalveDepthtopperf.−Depth-

valve=296 psi−201 psi4690 ft−3928 ft.=0.12 psi/ft.

Qini=219 psi−Pwh0.393 psi/ft.=219 psi−60 psi0.393 psi/ft.=404.
5 ft. F=Qini−Qprod/QiniDov=404.5 ft.−226 ft./404.5 ft.3.928 Mft
.100=11 .2% /Mft. Gt(true gradient)=Pressuretopperf.−Pressureva
lveDepthtopperf.−Pressurevalve=296 psi−219 psi4690 ft.−3928-

 ft.=0.1 psi/ft.
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rate, it is necessary then to design the gas lift valves according to a more 
realistic low tubing pressure to produce this well on continuous gas lift with 
an operating valve with a smaller seat diameter.

12.6.9 Example #9 (production tubing diameter 
too large)
The well data is as follows:

Reservoir static pressure: 650 psig; 22°API oil gravity; 20% water cut; cas-
ing: 7-in. × 23-lb/ft.; production tubing ID: 3.958 in.; production tubing 
OD: 4.5 in.; depth of top of perforations: 5900 ft.; packer’s depth: 5615 ft. 
The gas lift valves installed in the well are presented in Table 12.13.

The required information to do a quantitative analysis was not available. 
It was only known that the well had an orifice valve installed in the lower 
mandrel at 5535 ft. with an orifice diameter of 10/64 in. and an injection-
pressure-operated, nitrogen-charged, unloading valve with an area ratio of 
0.035, but neither its model nor its calibration pressure were known. An-
other important information missing was the surface injection gas flow rate.

On Aug. 13, 1999, a nitrogen-charged, injection-pressure-operated pilot 
valve with a large area ratio was installed in the well. The volume of gas 
injected per cycle was then equal to 7000 scf/cycle (which turned out to be 
less than its required value) and the liquid production was 65 STB/D. The 
two-pen pressure chart for this condition is shown in Fig. 12.62.

One fact that makes this well difficult to operate is its large production tub-
ing diameter. To lift the liquid slugs at an acceptable velocity, it is important 
that the gas lift system be capable of providing the instantaneous gas flow 
rate to fill the volume behind the liquid slug as it travels up the tubing at 
a velocity large enough to keep the fallback losses at a minimum value. 
Sometimes, the gas lift system is indeed capable of maintaining a high in-
stantaneous gas flow rate while the pilot valve is opened because the pro-
duction tubing pressure is small; but, if for any reason (like shutting off the 
gas injection for several hours) the size of the liquid column gets to be too 
large, the gas lift system might not be able to provide the gas flow rate at its  

Table 12.13 Valves Installed in the Well

Depth (ft.) Valve Model Port Diameter (64th in.) Ptr (psig)

3884 (?) (?) (?)
5535 RDO 10 0■■ FIGURE 12.62 Wellhead pressure chart 

for Aug. 13, 1999.
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required value and the fallback losses become very large. Under these cir-
cumstances, not only the instantaneous gas flow rate through the gas lift 
valve is small, but also the volume of gas injected per cycle is reduced be-
cause the spread of the valve also becomes very small. The spread is reduced 
because the larger liquid columns have a greater influence on the valve’s 
opening pressure so the valve opens at a lower injection opening pressure. 
A pilot valve calibrated at a high injection opening pressure and with a large 
area ratio that exhibits a very small spread is a sign of a large liquid column 
in the production tubing above the valve. Based on the diameter of the pro-
duction tubing, the water cut, and the oil API gravity for this example, the 
required volume of gas injected per cycle should be greater than 10,000 scf/
cycle (even for small liquid columns to be lifted to the surface).

On Jun. 26, 2000, the well was loaded with a large liquid column, which was 
causing a reduction in the injection opening pressure and the spread of the 
valve was considerably reduced. The volume of gas injected per cycle was 
very small and the daily liquid production dropped significantly. The two-
pen pressure chart for this condition is shown in Fig. 12.63.

On Jun. 14, 2002, an injection-pressure-operated, spring-loaded pilot valve 
with a large area ratio was installed. Even though the area ratio was large, 
the valve was calibrated at a low injection opening pressure, which caused a 
small valve’s spread. The two-pen pressure chart shown in Fig. 12.64 clearly 
shows how the well was being loaded with liquids inside the tubing with 
the spread becoming smaller as time went by. The results from a downhole 
temperature and pressure survey are shown in Figs. 12.65 and 12.66, respec-
tively. The survey indicates that the valve was indeed opening and closing 
but the volume of gas injected per cycle was so small that it simply bubbled 
through the liquid column to the surface leaving the liquid level constant at 
about 2000 ft. of depth.

Instead of trying to unload the liquids in the tubing string, on Sep. 9, 2002 
the pilot valve was replaced with an orifice valve, model RDO, with a 10/64-
in. orifice diameter and, as can be seen in the pressure chart of Sep. 17, 2002 
in Fig. 12.67, the injection pressure was very high and giving the impression 
that the upper valve was opening and closing. Unfortunately, the surface gas 
flow rate was not available and without this information it is not possible to 
do an analytical troubleshooting analysis.

There are two alternatives that might explain the behavior of the surface 
pressure shown in the two-pen pressure chart of Fig. 12.67:

j If the surface injection gas flow rate is very large, it is possible that, 
due to the small diameter of the orifice, the injection pressure was 

■■ FIGURE 12.63 Wellhead pressure chart 
for Jun. 26, 2000.
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so high that the upper valve was opening and closing while the gas 
was being continuously injected through the orifice valve at the same 
time. Once the upper valve opened, the gas flow rate through both gas 
lift valves was greater than the surface injection gas flow rate and the 
annular pressure dropped until the upper valve closed. Once the upper 
valve closed, the gas flow rate through the orifice valve alone was less 

■■ FIGURE 12.65 Downhole temperature survey.

■■ FIGURE 12.64 Wellhead pressure chart after the pilot valve was changed.
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than the surface injection gas flow rate and the annular pressure began 
to increase until the upper valve opened again.

j If the gas flow rate through the orifice valve was not very large, it is 
possible that the gas was being injected only through the lower orifice 
valve and the injection pressure fluctuations were caused by variations 
in the production tubing pressure. This can only happen if the gas flow 
through the orifice at 5535 ft. is subcritical. For the gas flow to be 
subcritical, the production pressure should be very high.

Without knowing the surface injection gas flow rate, it is not possible to 
find out what is taking place in the well. But, in any case, the production 
tubing diameter was too large and the reservoir pressure too low to have 
an efficient gas lift operation in continuous or intermittent gas lift. The 
production tubing must be replaced with a smaller diameter tubing string. 
It is also realized that the lower mandrel is too far from the top of the per-
forations so that the new mandrel spacing should consider lowering the 
operating point of injection, especially if intermittent gas lift is going to 
be implemented.

12.6.10 Example #10 (formation damage when the 
well was shifted to produce on intermittent gas lift)
The well data is as follows:

Static reservoir pressure: 552 psig; 26°API oil gravity; 3% water cut; casing: 
7-in. × 23-lb/ft.; production tubing ID: 3.958 in.; production tubing OD: 
4.5 in.; depth of top of perforations: 5010 ft.; packer’s depth: 4659 ft.; gas 
injection line length: 4400 ft.; gas injection line ID: 2.067 in.; the gas lift 
valves installed in the well are presented in Table 12.14.

The WF14R valve is an injection-pressure-operated, spring-loaded pilot 
valve. Its area ratio in this case was very large and equal to 0.426. Large 

■■ FIGURE 12.66 Downhole pressure survey.

■■ FIGURE 12.67 Pressure chart on Sep. 
17, 2002.
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area ratios allow the calculation of the production tubing pressure (Pto) at 
the moment the valve opens without magnifying the possible error made 
in the determination of the injection opening pressure at valve’s depth 
(Pcvo) from the measured surface injection pressure and the gas specific 
gravity.

Prior to the installation of the pilot valve, the well was producing on contin-
uous gas lift but it was heading most of the time. The operating valve at that 
time was a single-element, injection-pressure-operated gas lift valve, model 
R20, with a seat diameter of 16/64 in. and a test-rack opening pressure of 
829 psig. The liquid production measurements during the months prior to 
this analysis are shown in Table 12.15.

The 4½-in. OD tubing was too large and the reservoir pressure too low to 
maintain a stable operation. Despite of this condition, the injection gas/liq-
uid ratio was at a reasonable level. However, the injection gas/liquid ratio 
increased when the production method was shifted to intermittent gas lift 
by installing the pilot valve described earlier. Fig. 12.68 shows the two-
pen pressure chart on Jan. 3, 2002 when the well was producing close to 
200 STB/D (prior to the installation of the pilot valve).

In Apr. 2002, the well was shifted to intermittent gas lift. According to the 
pressure chart of May 8 2002 (Fig. 12.69), the pilot valve had problems and 
it took a while for it to close: The annular pressure increased very slowly 
for about 30 minutes, after which the pressure began to increase at a steeper 
rate indicating that the pilot valve has finally closed. The liquid production 
dropped to 38 STB/D.

Table 12.14 Valves Installed in the Well

Depth (ft.) Valve Model Port Diameter (64th in.) Ptr (psig)

1675 dummy — —
3223 dummy — —
4577 WF14R 48 573

Table 12.15 Production History

Date Production (STB/D) Gas Injection Flow Rate (Mscf/D)

Nov. 2001 369 168
Jan. 2002 241 191
Jan. 2002 237 243
Mar. 2002 222 245
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A cycle time of 95 min was probably too long. The volume of gas injected 
per cycle (calculated by dividing the surface gas flow rate of 245 Mscf/D by 
the number of cycles in 1 day) was equal to 16,163 scf/cycle. The volume 
of gas per cycle that the annulus and injection line can provide for the given 
valve spread is calculated to be equal to only 8864 scf/cycle. This last value 
is very low in comparison to the one calculated from the surface injection 
flow rate and the number of cycle in one day. This difference was due to 
the malfunction the pilot valve was experiencing (staying opened for a long 
period of time in which gas was constantly injected into the well at a very 
low flow rate).

■■ FIGURE 12.68 Pressure chart for Jan. 3, 2002.

■■ FIGURE 12.69 Pressure chart for May 8, 2002.
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For the tubing diameter, injection point depth, and the oil API gravity in 
this example, the required volume of gas to be injected per cycle should be 
approximately equal to 9000 scf to produce small liquid columns (not larger 
than 800 ft. in length) to the surface. The drop in liquid production experi-
enced when the well was shifted to intermittent gas lift was then probably 
due to both, the long cycle time and the large fallback losses caused by the 
insufficient volumes of gas injected per cycle. The fact that the formation 
might have suffered some damage when the well was started on intermittent 
gas lift should also be investigated. It should also be taken into consider-
ation the fact that the formation gas/oil ratio helps the operation of the well 
while it is on continuous gas lift. For intermittent gas lift, on the other hand, 
the formation gas/oil ratio lowers the efficiency of the production method: 
Greater true liquid column lengths (caused by the free gas content in the liq-
uid column) cause an increase in frictional pressure loss and the gas-liquid 
mixture below the pilot valve absorbs part of the energy of the injection gas 
that should only be used to lift the liquid columns. This last point is impor-
tant in this case because the gas lift valve was 433 ft. higher than the top of 
the perforations. A standing valve should be installed right below the pilot 
valve in the tubing.

The production pressure at valve’s depth at the moment the pilot valve 
opened (Pto) can be calculated from the valve’s force–balance equation. 
With the injection pressure at valve’s depth equal to 1083 psig (calculated 
from an injection surface opening pressure of 960 psig) and the calibration 
pressure of 573 psig, the Pto production pressure is calculated from the fol-
lowing equation, in which all terms are known except for Pto:

= −
−

= = −
−

R
P P

P P
.

P
0 426

1083psi 573psi

1083psi
cvo

cvo

trc

to to

If this equation is solved for Pto, the tubing pressure would need to be nega-
tive. As in many of the previous examples, this is due to unreliable calibra-
tions of the surface pressure instruments or, less probably, to the wrong 
calibration of the pilot valves at the shop. The calibration of the wellhead 
pressure sensors should be checked periodically. As can be seen in all these 
examples, poor calibration of wellhead pressure sensors is not that uncom-
mon (because very few people take the time to do the type of troubleshoot-
ing analysis presented here so the poor calibration of the instruments can go 
unnoticed for months or years). The error could also lie on the fact that the 
injection gas specific gravity was not verified for current conditions. The gas 
specific gravity plays an important role in determining the injection pressure 
at depth. In this case, the specific gravity was thought to be equal to 0.7, but 
its actual value could not be verified. If, for example, the gas specific gravity 

R=Pcvo−PtrcPcvo−Pto=0.426=1083 
psi−573 psi1083 psi−Pto
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was equal to 0.76, the injection pressure at valve’s depth would be 1100 psig 
instead of 1083 psig.

The produced liquid column per cycle is found from:

( ) ( )=
 

=Q
38 Br/D

1440 min/D / 96 min/cycle

1

15.2182 Br/Mft.
0.16646 Mft./cycleprod

Where 15.2182 Br/Mft. is the volumetric capacity of the production tub-
ing. With a wellhead production pressure of 60 psig, a liquid gradient of 
0.389 psi/ft. (with no gas), and if fallback losses are neglected, the produc-
tion pressure at valve’s depth would be: Pto = 166 ft. (0.389 psi/ft.) + 60 
psig = 124.75 psig. This tubing pressure is too low for such a long cycle 
time (based on the reservoir productivity index and static pressure, the pro-
duction tubing pressure should have been greater). Therefore, the fallback 
losses must have been very large. In May of 2002, the gas injection was 
increased to 436 Mscf/D and the production went up to 70 STB/D. This pro-
duction increment was only due to the reduction in the cycle time because 
the volume of gas injected per cycle was only slightly increased. Fig. 12.70 
shows the pressure chart for May of 2002.

In Jun. 2002 the surface injection gas flow rate was reduced and the produc-
tion dropped to 61 Br/D because the new cycle time was too long. Fig. 12.71 
shows the pressure chart for Jun. 21, 2002, where it can be appreciated that 
the injection opening pressure has dropped because of the increase in the 
size of the liquid columns.

Qprod =38 Br/D1440 min/D/96 min/
cycle115.2182 Br/Mft.=0.16646 Mft.-

/cycle

■■ FIGURE 12.70 Wellhead pressure chart 
for May of 2002.
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A downhole pressure survey was run in Jun. 2002 in which the production 
pressure at valve’s depth, Pto, was 342 psig. Two different production levels 
were reported for that month: 33 and 61 Br/D. None of these dates corre-
sponds to the date the survey was run, which adds an unnecessary difficulty 
to the troubleshooting process. It is always a good idea to test the well while 
the survey is being run. If it is not possible to test the well the same day the 
survey is run, the well should be tested a few days after or before the survey, 
but always at the same gas injection frequency the well had during the sur-
vey. Due to this uncertainty in the liquid production, the fallback factor is 
calculated for both productions:

j With 61 Br/D, the fallback factor is calculated as follows.

 The initial liquid column (based on the production pressure measured 
during the survey of 342 psig) can be calculated from the following 
equation, where the wellhead production pressure is equal to 60 psig 
and the liquid gradient is 0.389 psi/ft.:

= − =Q
342 psi 60 psi

0.389 psi/ft.
724.9 ft.ini

 The liquid column produced at each cycle is calculated knowing that 
the cycle time was equal to 97 minutes:

( ) ( ) ( )= =Q
.

61Br/D

1440 min/D / 97min/cycle

1

15 2182 Br/Mft.
1000 ft./Mft. 270 ft.prod

Qini=342 psi−60 psi0.389 psi/ft.=72
4.9 ft.

Qprod=61 Br/D1440 min/D/97 min/cyc
le115.2182 Br/Mft.1000 ft./Mft.=270 ft.

■■ FIGURE 12.71 Wellhead pressure chart for Jun. 21, 2002.
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 The fallback factor is then:

( ) ( )
=

−  =F
724.9 ft. 270 ft. / 724.9 ft.

4.577 Mft.
0.137

 This means that approximately 14% of the initial liquid column per 
each thousand feet of depth of the injection point is not produced. The 
total fallback loss is then equal to 62.7% of the initial liquid column 
length.

j With a liquid production of 33 Br/D at the time the survey was run, the 
produced liquid column per cycle is:

( ) ( )= =Q
33 Br/D

1440 min/D / 97 min/cycle

1

15.2182 Br/Mft.
1000 ft./Mft. 146 ft.prod

 The fallback factor is then:

( ) ( )
=

−  =F
724.9 ft. 146 ft. / 724.9 ft.

4.577 Mft.
0.1744

This means that 17.44% of the initial liquid column per each thousand feet 
of depth of the point of injection is not produced. The total fallback loss is 
then equal to 79.82% of the initial liquid column length.

If the fallback factor could be reduced to 5% per thousand feet of depth of 
the point of injection, the well could, at least, produce about 126 Br/D:

[ ]

( ) ( )( )

( )

=

− =

q Br/D 724.9 ft./cycle
1440 min/D

97 min/cycle
15.2182 Br/Mft.

1 0.05 4.577
1Mft.

1000 ft.
126.29 Br/D

f

This represents a reduction in the production the well had before it was 
shifted to intermittent gas lift of 43%.

In an attempt to improve the operation of the pilot valve (which was leaking 
gas for several minutes), on Sep. 23, 2002 the flowline was closed for several 
hours while the injection gas flow rate into the casing was maintained. Then, 
the flowline was opened again to produce the liquid accumulated in the tub-
ing. This can be appreciated in the chart of Sep. 23, 2002 in Fig. 12.72, 
where it is shown that it took several cycles to reach a steady-state and how 
the injection pressure increased in the process.

In Oct. 2002, the surface gas flow rate was raised to 685 Mscf/D and the liq-
uid production increased to only 72 Br/D, with a cycle time of 22 min and a 
surface injection pressure considerably greater (1,030 psig). This increment 

F=724.9 ft.−270 ft./724.9 ft.4.577 Mft
.=0.137

Qprod=33 Br/D1440 min/D/97 min/cyc
le115.2182 Br/Mft.1000 ft./Mft.=146 ft.

F=724.9 ft.−146 ft./724.9 ft.4.577 Mft
.=0.1744

qfBr/D=724.9 ft./cycle1440 min/D97 mi
n/cycle15.2182Br/Mft.1−0.054.5771 

Mft.1000 ft.=126.29 Br/D
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of the injection pressure revealed that the production pressure was being 
reduced to its lowest possible value. Therefore, it is highly possible that the 
reduction in the liquid production could be due to formation damage when 
the well was shifted to produce on intermittent gas lift.

12.6.11 Example #11 (intermittent gas lift with 
surface intermitter)
The well data is as follows:

Reservoir static pressure: 980 psig; 13°API oil gravity; 0% water cut; cas-
ing: 7in. × 23-lb/ft.; production tubing ID: 2.992 in.; production tubing OD: 
3.5 in.; top of perforations’ depth: 3975 ft.; packer’s depth: 3859 ft.; gas 
injection line length: 4000 ft.; gas injection line ID: 2.067 in.; the valves 
installed in the well are presented in Table 12.16.

The WFM14R valve is a 1-in. OD, injection-pressure-operated, spring-
loaded pilot valve with a test-rack closing pressure of 892 psig. The well’s 
production was 105 STB/D with a cycle time of 70 min. Fig. 12.73 shows 
the behavior of the injection and production pressures.

The pilot valve’s surface opening pressure was approximately 960 psig, 
and its closing pressure was 750 psi. The injection pressure at which the 
controller closes is just above 1000 psig. Because the surface gas flow 
rate was not known, the volume of gas that was injected per cycle into the 
tubing from the moment the controller closed to the time the gas lift valve 
closed was calculated based only on the volume of gas that the annulus 

■■ FIGURE 12.72 Wellhead pressure chart for Sep. 23, 2002.

Table 12.16 Valves Installed in the Well

Depth (ft.) Valve Model Port Diameter (64th in.) Ptr (psig)

1527 NM14R 16 984
2756 dummy — —
3788 WFM14R 32 892
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and the injection line can provide for the given pressure difference (not 
taking into account the gas injected into the tubing from the moment the 
pilot valve opens until the surface controller closes). This volume was cal-
culated to be 15,674 scf/cycle, so that the total volume injected per cycle 
must have been even greater. The required volume of gas to be injected 
per cycle (for the type of oil gravity, the depth of the point of injection, 
and the size of the production tubing) is approximately 10,000 scf/cycle 
for liquid columns of lengths from 200 to 800 ft. This indicates that the 
volume of gas that was being injected per cycle was greater than its re-
quired value.

The surface pressure chart does show evidences of gas overinjection be-
cause it takes a while for the wellhead production pressure to drop to its 
minimum value after the slug has surfaced, see the explanation given for 
Fig. 12.23h. The volume of gas injected per cycle could be reduced by 
shortening the time interval in which the surface controller is opened, but 
the injection opening pressure of the pilot valve is already high and re-
ducing the injection time might cause the pilot valve to open after two or 
more injection cycles, as shown in Fig. 12.26a. Additionally, the reduction 
in the volume of gas injected per cycle is not going to be very significant 
because the gas lift valve’s area ratio is very large. In cases like this, it is 
recommended to install a pilot valve with an area ratio of approximately 
50% of its required value on choke-control intermittent gas lift and adjust 
the volume of gas injected per cycle by changing the time the controller 
remains open.

Even though the volume of gas injected per cycle was very large, the liquid 
fallback factor should not have been as low as 5% (common for oils with 
API gravities greater than or equal to 23°API) because of the low API grav-
ity of the oil being lifted.

■■ FIGURE 12.73 Wellhead pressure chart.
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Because the cycle time was equal to 70 min, the produced liquid column per 
cycle in Mft. is found from:

( ) ( )=
 

=Q
105 Br/D

1440 min /D / 70 min/cycle 8.69 Br/Mft.
0.587 Mft./cycleprod

The force–balance equation was used to find the production pres-
sure at valve’s depth at the moment it opened, Pto. For this purpose, the 
valve area ratio (R = 0.3339), the valve’s opening pressure at depth 
(Pcvo = 1062 psig), and the valve’s calibration pressure of 892 psig, are used: 

=
−
−

= =
−
−

R
P P

P P P
0.3339

1062 892

1062
cvo

cvo

trc

to to

.

From which the value of Pto was found to be 552.86 psig. The liquid gradi-
ent from the oil API gravity and water cut was found to be 0.424 psi/ft. With 
the value of Pto just calculated, the wellhead pressure of 40 psig, and the 
liquid gradient, the initial liquid column length above the valve was found 

at the moment the valve opened by: =
−

=Q
552.86psi 40 psi

0.424 psi /ft.
1209.6 ftini .

Thus, the liquid fallback factor was: 
[ ]( ) ( )

=
−

F
. .

.

1209 6 587 / 1209 6

3 788
100 

= 13.58% for each thousand feet of depth of the point of injection.

This seems to be a very large fallback factor but, in reality, it is as low as it 
can get for the type of oil that was being produced. Because the valve’s area 
ratio is very large and the volume of gas injected per cycle was greater than 
its required value, if the surface injection pressure sensor is properly cali-
brated and the gas specific gravity is precisely known, the calculation of the 
fallback factor given earlier should be reliable enough to proceed with the 
determination of the productivity index using equation 12.32, and the opti-
mum cycle time using equation 10.22. By adjusting the time the controller 
remains open and close, the calculated optimum cycle time can be matched 
in the field. The time cycle controller allows the cycle time to be adjusted 
independently of the volume of gas injected per cycle. Due to the type of 
oil being lifted, this well should not be on continuous or intermittent gas lift  
(a different method of production should be implemented in this well).

Qprod=105 Br/D1440 min/D/70 min/cy
cle8.69 Br/Mft.=0.587 Mft./cycle

R=Pcvo−PtrcPcvo−Pto=0.3339=10
62−8921062−Pto

Qini=552.86 psi−40 psi0.424 psi/ft.=
1209.6 ft

F=1209.6−587/1209.63.788100
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A
Abnormal injection gas flow rate, 739
Absolute pressure, 35
Absolute roughness, 38, 74

for annular flow, 40
Acceleration of gravity, 35
Acceleration pressure drop, 36, 111
Acceleration pressure gradient, 94, 95
Accumulation chambers, 260, 482, 

496, 594
advantages of, 499
annulus, 260
attention points, 498, 499
bleed valve, 260
bottomhole pressure, 262
capacity of, 586
double-packer, 260, 589
gas injected per cycle, 261
installation, 824
limitations, 497
liquid slugs, 261
objective of, 583
optimum size, 263
orifice valves, 260
perforated nipple, 260
reservoir pressure, 261
with standing valve, 493
volume of, 583

Accumulator, 254
insert, 273, 594

pressure–depth diagrams, 274
inside diameter of, 593
isolated from casing, 272
simple-type, 255, 592

Accuracy, 7
of calculated injection pressure, 29

Acid gas, 1
Adjustable needle valve, 508
Air molecular weight, 43
Algebraic equation, 104
Al-Marhoun PVT correlation, 147
Amagat’s law, 4, 5
Ambient temperature, 103
American Petroleum Institute, 303
Analytical troubleshooting tool, 719
Annular flow, 40, 253

in oil wells, 40
Annular gas flow rate, 704

Annular injection pressure, 779
Annular liquid level, 874, 875

cases, 875
injection pressure, 695

Annular mist, 87
Annular pressure, 828

drops, 770
Annular volumetric capacity, 549
Annuli, 26
Annulus, 250

liquid level, 692
liquid pressure gradient, 694
surface gas injection pressure, 694
tubing communication depths, 698

Annulus-tubing communication, 623, 
830–832

wellhead pressure patterns of two wells 
with, 831

Anti-Stokes reflections, 713
API 

fallback factor value, 486
gravities, 63, 183, 184, 536, 643, 795, 

855, 872, 935, 953, 954
for consistency, 171

tubing, 455
Apparent molecular weight 

of air, 6
of dry air, 6

Ashford correlation, 142
Ashford–Pierce correlations, 148
Ashford–Pierce model, 144
Asphaltene, 246
Assumed point, of injection, 654
Atmospheric pressure, 302
Automatic controllers, 515
Automatic pressure control system, 513
Automation systems, 706
Available injection pressure, 369
Average annular pressure, 774

after pilot valve closes, 774
Average gas compressibility factor,  

27, 775
Average geothermal temperature, 775
Average liquid slug velocity, 551, 767, 793
Average slug velocity, 552, 554, 823
Average temperature, 31, 44, 542, 574

in pipe segment, 96
Avogadro’s law, 3

B
Ball position diagram, 336
Beggs–Robinson correlation, 191
Behavior 

of constantinjection- gas-flow-rate 
equilibrium curves 

for different injection gas flow, 180
of discharge coefficient back-calculated 

by, 159, 322
of horizontal multiphase flow in 

flowline, 85
wellhead pressure behavior of a 

well with a damaged gas lift 
valve, 825

Bellows areas, 308
definitions of, 308
determination of, 308
injection pressure, 308

Bellows hysteresis, 326
Bellows-load rate test, 300, 336, 341
Blind box, 242
Bottomhole 

flowing pressures, 128, 156, 159, 383
nodal analysis, 710, 711

injection pressure, effect of friction 
on, 41

pressures calculated from surface 
injection pressures, 29

static pressure, 367
Boundary 

between critical and subcritical flow, 
136, 315

between sonic and subsonic flow takes 
place, 336

Bubble flow, 87

C
Calculation flow chart, for average pressure 

and temperature, 33
Calculation techniques for wells, 783
Calibrated gas lift valve, 625
Calibrated valve, 220, 318, 319, 465, 466, 

636, 678
Calibration pressures, 214, 315, 457, 518, 942
Calibration process, 295, 298, 339, 663, 

668, 740
Carbon dioxide (CO2 ), 1
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Casing collar locators (CCLs), 615
Casing-tubing annulus, 156, 297, 366, 506, 

545, 548
Casing-tubing communications, 681, 690, 

733, 734, 782, 830
detected by temperature measurements, 

717
Casing–tubing packer, 692
Casing wall, detection of communication, 

717
CCL detector, 715
CCLs. See Casing collar locators (CCLs) 
Central analysis unit executing computer 

programs, 740
Chart recorders, two- or three-pen, 613
Check valve, 214, 230, 266, 626, 832, 920

piston’s internal, 502
Chemical injection, 246
Choke control, advantages of, 513
Choke-control intermittent gas lift, 354, 

480, 489, 495, 507, 508, 514, 
520, 521, 570, 572, 605, 770, 
773, 776, 783, 786, 798

advantages, 508
disadvantage, 508, 510
volume of gas injected per cycle, 509
wells, 127, 726

Choke diameter, 136, 139
Choke geometry, 130, 140
Choke housings, 490
Chokes, in production tubing, 128
Chokes installation 

downstream of seat, 357
in straight vertical pipes, 145
temporarily installed at wellhead, 129
upstream of seat, 359

“Churn” flow, 87
Circulating sleeve, 257
Coiled tubing, 282
Communication tests, 628, 674, 677
Complex heat-transfer, 354
Composition, of injection gas, 29
Compressibility factor, 8, 12, 29. See also 

Gas compressibility factor
natural gas mixtures, 8
pure gas, 7
for pure hydrocarbon gases, 7

Compression energy, 317
Compressor, 25, 367

discharge, 33
high-pressure, 367
high-volume, 367
inlet, 33

Concentric mandrels, 305
Conditions, promoting hydrate 

formation, 19
Constant closing pressure, 299
Constant-injection-gas flow-rate 

equilibrium curve, 160, 178, 196, 
198, 205, 206, 378

Constant liquid production, 384
Constant wellhead production pressure, 

154–161
Continuity equation, 552
Continuous flowing pressure 

temperature survey, 685
Continuous gas lift analysis, 750
Continuous gas lift injection, 669
Continuous gas lift troubleshooting, 611

automated systems to detect and analyze 
wells, 738–742

CO2 injection to determine point of 
injection, 695–706

continuous liquid production, 743, 746
distributed temperature sensors (DTS), 

712–717
downhole pressure/temperature, 706–710
examples, 743
field techniques, for gas lift well, 674

communication tests, 674–681
downhole pressure and temperature 

surveys, 681–688
sonic devices, use of, 689–695

fluctuating injection pressure, 746
gas injection, 743
gas lift troubleshooting guide, 756

liquid production, 756
handling problems, associated with 

emulsion generation, 639–641
injection gas flow rate measurement 

charts, 720–724
injection, time intervals of, 749
liquid level, measurement of, 718–719
liquid production flow rate, 611
loss of lifting efficiency, causes/

corrective actions for, 619
flowline/production tubing, 631
gas lift/completion equipment, 

failures/malfunctions of, 628–631
instabilities, 619–624
low injection pressure, gas flow 

rate, 633
low injection pressure, high injection 

gas flow rate, 632
low reservoir liquid production, 631
unloading process, 633–634

unloading the well, 634–635
well, inadequate operation of, 624–627

multiple points of injection, 635–639
nitrogen-charged gas lift valve, 667
reservoir static liquid level, 651–667
troubleshooting analyses, 

methodology, 642
completion data, 642
fluid properties, 642
high wellhead injection pressure and 

well, 646
nitrogen-charged, IPO valves, 649
nitrogen-charged, PPO Valves, 650
spring-loaded, IPO valves, 649
spring-loaded, PPO valves, 651

liquid production, 642
numerical procedure, 645
reservoir data, 642
test-rack opening pressures and seat 

diameters, 644
two-pen charts, 642

troubleshooting analyses of gas lift 
wells, 612–619

troubleshooting techniques, 611
unstable gas injection/liquid 

production, 759
wellhead pressure charts, use of, 

724–738
well, not produce liquids, 667–673, 755
well, not take gas, 763
well’s responses, 752
well takes gas, but does produce 

liquids, 761
wireline tools 

total well depth and liquid level 
measurements, 711–712

Continuous gas lift well, 737
Continuous liquid production 

with unstable gas injection pressure, 733
Continuous surveys, 688
CO2 pulse, 695, 700

changes in shape, 700
CO2 injection, inadequate volumes 

of, 701
connections and required equipment, 697
high-pressure bottle, 696
injection gas line, 701
specific gravities of, 700
total gas produced from well, 703, 704

Correlation for pressure gradient, 111
Corrosion, 1, 16
Critical pressure ratios, 352
Critical temperature, 7
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Crystallization, 238
Cycle time, 828

on velocity curve, 527

D
Dalton’s law, 4
Damaged gas lift valve, with internal 

check valve in good working 
conditions, 824

Damaged valve, 826
Data acquisition parameters, 706
Data acquisition system, 618
Data for troubleshooting wells, on 

intermittent gas lift 
behavior of wellhead production and 

injection pressure, 767
fluid properties, 768
reservoir data, 768
total liquid and gas production, 767
well completion data, 769

Deepest point of injection, 162
Demulsifying agents, 626
Density expression, 43
Design calculations, 304
Design temperature, 102
Determining need to iterate, 138
Dewpoint 

lines for each water vapor content of a 
natural gas, 19

temperature, 16
Diameter for annular spaces, 40
Differential pressure, 325
Dip tube, 584, 598

liquid levels, 592
Direction of calculation process, 37
Discharge coefficient, 318

behavior of, 322
Discrete temperature drops, 682
Displaced flow rate, 551
Distributed temperature sensors (DTS), 

712–717, 874
Dome pressure, 302
Double iteration, 97
Double-packer accumulation chamber, 

820, 824
installation, 820
with the liquid level above the upper 

packer, 822
troubleshooting calculation procedure 

for, 820
Double-packer chambers, 497
Downhole equipment failure, 628

Downhole flowing pressure survey, 745
Downhole gas injection pressure, 41
Downhole pressure and temperature survey 

in intermittent gas lift wells, 845–874
Downhole pressure surveys, 728
Downhole production tools, 237

plugs, 237
standing valves, 237
subsurface safety valves, 237
tubing stops, 237

Downhole restrictions, 689
Downhole temperature surveys, 681
Downstream pressures, 138, 308, 315, 335
DTS. See Distributed temperature 

sensors (DTS) 
Dual wells, 276, 446

disadvantages, 280
intermittent gas lift, 597
parallel completions for, 279

Dukler–Flanigan correlation, 183
Dump bailing tools, 246
Duns-Ros correlation, 97, 111, 192
Dynamic closing pressure, 504
Dynamic gradient, 69

circular pipes the hydraulic radius, 70
depending on variable, calculation 

procedures, 73
flow charts of problems, 74
friction factor, 74
hydraulic radius, 70
iteration procedure consists of, 74
pressure distributions for single-phase 

liquid flows, 78
pressure drop, 70
shear stress, 69
for steady state, turbulent, 

incompressible flow in a pipe, 69
summation of forces on liquid in control 

volume, 70
vertical, upward, single-phase liquid 

flow in a straight pipe 
with constant bottomhole pressure, 71
with constant surface pressure, 71, 72

Dynamic model, 345

E
Effective pressure, 332, 333
Effect of a restriction, in production tubing/

flowline, 128, 129
Effect of friction 

on bottomhole injection pressure, 41
in gas wells, 42

Effect of liquid flow rate, on wellhead 
pressure, 86

Effect of tubing diameter, on minimum 
pressure point of outflow 
curves, 85

Efficiency factors, for different liquid 
contents, 50

Electric submersible pumps, 255
artificial lift method, 255
gas lift, 255

Electric submersible pumps (ESP), 725
Electronic pressure sensor, 643
Electronic sensors, 618
Elementary fluid mechanics, 35
Empirical correlations, 108
Emulsions, 626, 639, 640

getting rid of, 640
Energy balance, 765

equation, 34, 35, 96, 821
integration, 35

Enthalpy, 22, 34, 96, 97
Entrance pressure, 51
Equation of state, 2
Equations for multiphase flow pressure and 

temperature gradients, 93
Equilibrium curve, 159

injection gas flow rate, 179
with variable injection gas flow rate, 159

Equilibrium points, 174
Equivalent spring pressure, 304
Erosion velocity, 60
Escalante’s model, 334
ESP. See Electric submersible pumps 

(ESP) 
Euler’s equation, 581
Euler’s method, 578
Exploratory wells, 411. See also entries 

starting with wells

F
Fallback factor, 793, 821, 828
Fallback losses, 486

calculation, 597
Fanning friction factor, 35, 38, 70
Fiber-optic surveys, 712

equipment required for temperature 
measurements, 714

Fiber-optic technology, 681, 874, 876
Fiber-optic temperature measurement, 713
Field troubleshooting techniques, 738
First law of thermodynamics, 34
First valve, operating pressure, 369
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Fixed compressibility factor, 27. See also 
Compressibility factor

Fixed drawdown production, 383
Fixed liquid production, 383
Flow-coefficient tests, 332, 336, 342
Flowing pressure survey, 188
Flowline, 25, 95, 127
Flowline diameter, 490
Flow pattern maps, 86, 110

for horizontal flow, 88
for vertical upward flows, 87

Flow patterns, 88
classified in large groups, 111
and particular correlation, 93
in upward, vertical, concentric annuli, 120

Flow rates, 1, 73, 129
Flow restrictions, 50
Fluctuating surface gas injection 

pressures, 876
Fluid flow rate 

as a function of pressure ratio, 131
vs. pressure ratio, 130

Fluid flow through annular cross-
sections, 118

encountered in multiphase flows in 
annuli, 120

flow pattern prediction, 119
list of examples, 118
situations/models for calculation, 119

Fluid mixtures, 142
Fluid temperature, 102, 107

at a distance from the bottom, 102
Force-balance equations, 295, 331, 773, 

777, 781, 792, 794–796
static, 337

Formation volume factor, 13
Fortunati correlations, 146, 148
Frictional losses, 576
Frictional pressure, 41

drops, 26, 33, 34, 40–42, 51, 86, 631
gradient, 94
losses, 41

Friction coefficient, 555
Friction factor, 38, 40, 54, 60, 72, 95, 112

from the Moody diagram, 38

G
Gas annular pressure, 590
Gas chamber pumps, 572
Gas column, 26, 40, 41

weight, 50

Gas compressibility factor, 13, 29, 35, 45, 
60, 143, 350, 488

Gas compression, 378
Gas constant, 3
Gas consumption, 487
Gas cooling problems, 720
Gas density, 26, 60
Gas distribution system, 25
Gas enthalpy. See Enthalpy 
Gas expansion factor, 134
Gas factor, 28, 827
Gas flow, 42

in horizontal pipes, 42
rate. See Gas flow rate 
through chokes, 138
through restrictions, 131–138
in tubing, 581
turbulences, 725

Gas flow rate, 26, 39, 40, 42, 44, 50–52, 
54, 58, 128, 136, 138, 315, 340, 
511, 550, 590, 592, 655, 719, 
765, 770, 781

to calculate, 51
capacity, 55
chart, 721, 722
curve, 136, 137
determining iterations, 662
at different pressures, 51
handling capacity, 56
before installing the larger diameter pipe 

segment, 53
measurement, 722

devices, 720
obtained by installation of lines partially 

connected in parallel, 59
percent increment, 55, 56
reduced to zero, 165
through these pipes in series for a 

pressure drop, 53
total pressure gradient, 166

Gas formation volume factor, 13
Gas handling capacity, 52
Gas injected per cycle 

fallback factor, 538
Gas injection, 491, 731, 743, 765, 783

choke, 480, 491
flow control valve, 721
flow rates, 514

nodal analysis, 645
frequency, 780
lines caused by liquid accumulation, 50
pressure, 26, 30, 174, 648, 650, 652

equilibrium point, 174
temperature, 552
through damaged gas lift valve, 828
through orifice valve, 734, 735, 736
typical surface injection pressure 

pattern, 507
variables of mathematical model, 573
into well, controlled using 

alternatives, 880
Gas internal energy, 34
Gas law, 2, 3
Gas lift design, 463

continuous, 365
emulsions, 470
examples of, 471
hole in production tubing, 470
instabilities, 470
pressure fluctuation, 470
purposes, 663
stability check of, 463

Gas lift efficiency, 82
Gas lift equipment, 730
Gas lift installations, 1, 250, 292

with nitrogen-charged gas lift 
valves, 102

types of completions, 250
accumulation chambers, 260
coiled tubing, 282
dual wells, 276
intermittent gas lift with metallic 

plungers, 287
single, 250

Gas lift IPO valve, 727
Gas lift latches, 211
Gas lift mandrels, 226, 385, 476, 689

spacing, 41
procedures, 385

usages, 627
valve design calculations, 385

Gas lift method 
disadvantage of, 639

Gas lift rate vs. casing head pressure, 204
Gas lift systems, 489, 605, 633
Gas lift troubleshooting guide, 756
Gas lift valve, 109, 295, 315, 479, 582, 

635, 788
calibration pressure of, 295
dynamic behavior, mathematical models 

for, 331
failures, 630
force-balance equations, 295
pilot valves, dynamic model for, 353
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simple mechanistic model, with dynamic 
effect, 340

simple mechanistic model, without 
dynamic effect, 336

statistical models, 333
for orifice, 333
for throttling flows, 333

Thornhill-Craver equation for, 320
Gas lift valves, 211, 455, 615, 629, 717

in good working conditions, analysis 
for, 790

injection opening pressure, 481
opening pressure, 606
redesign, 455
seat, 671
special valves, 212
tail plug failure, 630
tubing-retrievable, 212
wireline-retrievable, 212

Gas lift wells, 211, 365
completion of, 251
with tubing liquid production, 251
unloading process of, 731

Gas lines, as storage volumes for high and 
low pressure injection gas, 61

Gas–liquid mixture, 89, 90
density, 90

no-slip density, 90
phases travel at the same velocity, 90

Gas/liquid ratios (GLR), 81–83, 104, 
107, 109

pressure distribution along, 82
production pressure curves, 153, 154

Gas-liquid separators, 258, 607
dimensions, 696

advantages, 697
disadvantages, 698

low-pressure side of, 607
Gas molecular weight, 134
Gas overinjection, 770
Gas per cycle, required volume, 529
Gas pressure factor, 26, 694
Gas pressure gradients, in vertical pipes, 33
Gas pressure profile, through a 

restriction, 131
Gas required per cycle, volume of, 524
Gas solubility in brine, 15
Gas source, 1
Gas specific gravity, 27, 30, 31, 35, 60, 

102, 135, 320, 659, 876
effect of, 32
measurements, 659

Gas specific heat ratio, 339, 350
Gas specific volume, 3, 35
Gas temperature, 66, 338
Gas throttling, 670
Gas velocities, 34, 39, 52, 60

in gas lines, 60
Gas venting, 580
Gas viscosity, 13, 192

calibration, 191
as a function of its pressure and 

temperature, 14
Gas volumetric flow rate, 35
Geothermal gradient, 28
Geothermal temperature, 99, 188
Geothermal temperature gradient, 27
Gilbert’s correlation, 142
Gilbert’s equation, 141
Global heat transfer coefficient, 96, 103
Global mechanistic models, for vertical 

flows, 112
Global optimization systems, 739
GLR. See Gas/liquid ratios (GLR) 

H
Hagedorn and Brown correlation, 97, 110
Handle sand production, 493
Heat transfer equation, 96
Hermetic seal, 297
High injection gas flow rate, 632
High pressure pumps, 641
High wellhead pressure, 626
“Homogeneous” patterns, 89
Homogeneous void fraction, 89
Horizontal flow, 43, 50, 117

feature of, 86
patterns, 88
in pipelines, 107

Horizontal multiphase flow, 86, 113–116
Horizontal pipes, 42
H2S concentration at values, 1
Hydrates, 18

formation, 16, 510, 720, 782
cooling effects, 19
temperature, 18

wellhead pressure fluctuates, 722, 723
Hydrocarbon gases, 1
Hydrocarbon substances, 1
Hydrodynamic behavior, 112
Hydrogen, 2
Hydrogen sulfide (H2S), 1
Hydrostatic and frictional pressure drops, 96

Hydrostatic pressure, 26, 51, 65, 66, 367, 
794, 822, 825

drop, 42, 86, 90, 162
gradient, 93, 94

for nonhomogeneous flow, 93
Hysteresis effect, 352

I
Ideal conditions, 3
Ideal gas law, 4
Impression blocks, 243
Inadequate gas lift design, 620
Inadequate production tubing size, 627
Inclination angles, 25, 366
Inflow performance relationship (IPR) 

curves, 83, 84, 156, 165, 173, 
657, 709

“accurately determine”, 644
diagram, 178
of well, 161

Infrared analyzer 
explosion proof, 696
light, 699

Initial column length, 523
Initial liquid column length, 522, 792
Initial massive monitoring, 739
Injecting demulsifying agents, 641
Injection- and production-pressure-

operated valves, 109
Injection depth, 377, 384
Injection gas, 4

chokes, 510
Injection gas flow rates, 51, 377, 661, 

707, 724
control valve, 722
equilibrium curves, 200, 207
iterations for, 378
iterative procedure, 377
total system analysis for, 163
at unloading valve, 424

Injection gas line, 127
Injection gas/liquid ratio, 252, 497, 

518, 828
Injection gas/oil ratio 

economic limit of, 201
Injection gas pressure, 433
Injection gas ratio, 476
Injection gas temperature, 433
Injection gas velocities, 702
Injection oil ratio, 476
Injection point depth, 178, 382
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Injection pressure, 26, 40, 41, 151, 343, 
354, 469, 532, 654, 770, 779

at depth, 41
liquid column, 585
liquid slug velocity, 526
volume of gas per cycle, 530

Injection-pressure-operated (IPO), 501
gas lift valves, 109, 770
pilot valves, 503, 508
valves, 296, 327, 357, 373, 598, 628, 

657, 694, 766
actual gas specific gravity, 659
nitrogen-charged, 296, 665
opening and closing pressures of, 658
spring-loaded, 299, 665, 666
valve-mechanic equations for, 663

Injection pressure patterns for “choke-
control” intermittent gas lift, 881

Injection pressures, 316
sensor, 617, 618
stabilizing effect, 728

Injection temperature, 350
Inlet pressure, 36

calculation, 168, 169
Inserted accumulation chambers,  

499, 594
Inserted accumulators, 499
In situ gas and liquid velocities, 91
In situ gas flow rate, 43
In situ velocity, calculation, 43
Instantaneous gas flow rate, 521, 777
Instantaneous liquid fallback, 604
Instantaneous surface gas flow rate, 512
Intelligent control systems 

surface intermitters, 513
“Intentional” restrictions in injection gas 

line, 127
Intermittent gas injection, through an 

orifice valve, 829
Intermittent gas lift, 292, 495, 753

accumulation chambers, design of, 
582–591

accumulation chamber with standing 
valve, 493

bottomhole pressure for, 535
bottomhole pressures, 534
choke-control, 521–533

calculations for, 554
design procedure with surface 

controllers, 570–571
equations model each stage, 573–582
liquid slug, 547

mechanistic models, 572
production cycle, stages of, 572

optimum cycle time (OCT) 
calculation, 533–540

valve’s closing pressure, 553
vgsR and vgsC 

volume of gas per cycle, 541
downhole pressure survey, 596
in dual wells, 597

continuous gas lift, 598–600
injection-pressure-operated valves, 600
with injection-pressure-operated 

valves, 600
production-pressure-operated 

valves, 600
with production-pressure-operated 

valves, 601
general fundamentals/implementation 

guidance, 481–494
inserted chambers/inserted accumulators, 

594–597
“on–off” or “open/close” surface control 

valve, 480
PI for, 485
pilot valves, description of, 500–506
with plunger, 292
plunger-assisted, 601–604
production cycle, 479–481
reservoir pressure, effect of, 484
simple type accumulator, 592–593
for simple type completions, 518
special wellhead arrangements, 491
surface gas injection 

types of control, 507–517
systems with wells, 604–609
theory, 779
troubleshooting analyses, 642
types of completions, 494–500
well’s accumulated production 

injection gas/liquid ratio, 482
Intermittent gas lift operations, 130
Intermittent gas lift troubleshooting, 765, 912

formation damage, 920
well shifted to produce on intermittent 

gas lift, 945
inadequate continuous gas lift design, 

935
intermittent gas lift with surface 

intermitter, 952
irregular behavior of the pilot valve 

caused by irregular movements 
of the valve’s internal piston, 931

large fallback losses, 926
optimized well, 924
pilot valve failure/inadequate spread, 930
production tubing diameter too 

large, 942
tubing-annulus communication, 918, 929
wellhead pressure chart, 918, 921, 924, 

926, 929, 933, 934, 936, 942–
945, 947, 949, 950, 952, 953

well might be loaded with liquids, 913
Intermittent gas lift troubleshooting 

techniques, 638
IPO. See Injection-pressure-operated (IPO) 
IPR curves. See Inflow performance 

relationship (IPR) curves 
Iron sulfide, 2
Iron sulfide depositions, 629
Isentropic gas flow, 668
Isentropic specific heat ratio, 145
Iterative calculation procedure, 95
Iterative method 

with average temperature and 
pressure, 31

Iterative method for calculating pressure 
distribution along the pipe, 37

J
Jars, 240

hydraulic, 240
mechanical, 240

K
Kickoff pressure, 372, 476
Kickover tool, 243
Kirkpatrick’s chart, 101, 102

rudimentary, 102
Knuckle jars, 241

L
Laboratory-scale tests, 110
Lake Maracaibo gas liftfield, 28
Laminar flow, 72
Laser beam generator, 714
Light reflected back, spectrum, 713
Linear functions, 306
Line diameter, 60
Lines partially connected in parallel, 57
Liquid column, 479

generation time, 500, 827
generation time interval, 538
length, 826
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Liquid compressibility, 143
Liquid, daily production, 740
Liquid fallback, 604

factor, 488, 537
losses, 483, 486, 523

Liquid flow, 25
rate, 73, 83, 166, 377, 653

calculation, 167
constant production, 384
determination, 168
fixed production, 383
injection point depth, 179
unloading, 424

through restrictions, 139–140
Liquid gathering systems, 25
Liquid holdup, 89, 90

homogeneous, 110
models developed for calculation, 

121–122
Liquid level, behavior of, 719
Liquid phase, well, 92
Liquid pressure gradient, 827
Liquid producer well, 623
Liquid production, 128, 249, 475

flow rate, 611
gas injection pressure, 176
instabilities, 639
in MBr/D, 534
vs. injection gas flow rate, 164, 172, 180

Liquid slug, 252
displacement, 573, 580
injected gas, 547
length, 577
mean velocity, 538
production, 573
travels, 479, 483
velocity, 537, 539, 541, 551, 821

flow chart for, 529
velocity, calculation, 525

Liquid velocity, 86
Liquid volume, 545
Liuid column regeneration time interval, 876
Live-oil calibration, 191
Load rate, 325

bellows', 325
Longitudinal length, 361
Looping, 491
Low injection gas flow rate, 625, 633
Low injection pressure, 633
Low-pressure-gas storage volume, 608
Low-pressure-gas storage volumes, 608
Low reservoir liquid production, 631

M
Mandrel spacing, 385

for IPO valves, 387
for PPO valves, 420
from reservoir static liquid level, 461

Manometer, 298
Mass balance, 132
Mass flow rate, 35, 103
Mathematical procedures, 25, 81
Maximum gas flow rate, 61
Maximum injection pressure, 524, 527
Max–Min mandrel spacing procedure, 411
Max–Min method, 408
Mechanistic models, 331

hydrodynamic behavior, 108
Metallic plunger, 41, 293, 526, 631

intensive field supervision, 293
maintenance costs, 293

Methane, 4
solubility in water, 14

Minimum gradient curve, 153, 159
liquid production, 157

Minimum-gradient production, 159
Minimum injection pressure, 523, 525
Minimum pressure gradient, 158

curve, 163
Minimum-production-pressure-gradient 

equilibrium curve, 160
Mist-flow, 486
Mixture density, 62, 90
Mixture velocity, 91
Molecular weight, 5, 26, 27
Mole fraction, 5, 9
Momentum conservation equation, 

572, 581
MONA program, 112
Moody diagram, 544
Moody friction factor, 43, 70, 93, 94
Multiphase flow, 81, 253

calculation, 16, 707
error band, 709

correlation comparison, 170,  
195, 614

correlations through chokes, 144
equations for pressure and temperature 

gradients, 93–108
feature of, 86
in gas lift/natural flowing wells, 108
general definitions, 89–93
general quantitative aspects, 88
through restrictions, 140–148

Multiphase pressure drop correlations, 90

Multiphase vertical flow, 162
Multiple-orifice chokes, 143
Multiple points of injection, 635

N
Natural flowing well, with injection gas 

flow rate, 737
Natural gases, 1

components, 12
density, 13
properties, 2

Net gas flow rate, 55
New liquid column generation time, 789
Newton–Raphson method, 539, 540, 555
Nitrogen-charged dome pressure, 501
Nitrogen-charged gas lift valves, 102, 620, 

643, 647, 663, 667
Nitrogen-charged, injection-pressure-

operated valve, 797
injection surface opening pressure, 797

Nitrogen-charged valves, 99, 519, 649
Nitrogen pressure, 302
Nodal analysis, 171, 253, 379, 645

with inflow sensitivity variable, 172
injection gas flow rate, 173
liquid flow rate, 174

Nodal point, 171
Noise level, 875
Nonhydrocarbon impurities, 1
Numerical integration, 35, 36
Numeric solution, 136

O
OCT. See Optimum cycle time (OCT) 
Offshore wells, 129
Oil API gravity, 183, 538, 592, 642, 691

fluid properties, 643
Oil flow rates, 199
Oil formation volume factor, 92, 189
Oil fraction, 93
Oil specific gravity, 63, 876
Oil viscosity, 555

function of pressure, 190
Oil–water mixture, 62
Omana’s correlation, standard deviation 

for, 142
Opening pressure, 296
Operating conditions, 297
Operating gas injection point, location 

of, 155
Operating injection point depth, 377
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Operating point of injection, 152
Operating pressure, 465
Operating temperature, 350
Operating valves, 151, 295, 444

closing pressures of, 366
flow chart, 532
opening pressures of, 366
seat diameters, determination of, 444

Operational conditions, 1, 103, 109, 325, 
779, 782

Optical fibers, 715, 716
advantage of, 715

Optimum cycle time (OCT), 482, 522, 
788, 789

calculation, 533–540, 586
constant reservoir pressure, 484
daily liquid production of well, 508
injection gas/liquid ratio, 482
reservoir pressure, effect of, 484

Optimum equilibrium curve, 382
Optimum gas flow rate, 382
Optimum injection flow rate, 164
Orifice-flow models, 315, 334
Orifice gas flow rate curve, 174
Orifices plates, 127, 331
Orifice valves, 315, 361, 475

with special geometry seats, 361
Orkiszewski multiphase pressure gradient 

correlation, 97
“Outflow” curves, 83, 84

equilibrium points with and without 
choke, 129

Outlet pressure, 51
vs. liquid production, 172

Outlet pressure calculation, 168, 169

P
Packoff completions, 247
Packoff-mandrel models, 247
Panhandle equations, 48
Paraffin formation, 640
Paraffin scratcher, 242
Parallel lines, 55, 56
Partial pressure, 4
Perkins and Sachdeva-N models, 145
Perkins’ equation in chokes, 145
Permanent downhole sensors, 706, 707
Permanent pressure sensors, 710
Permissible expansion of a given specific 

gravity natural gas without 
hydrate formation, 21

PI. See Productivity index (PI) 
Pilehvari subcritical flow correlation, 142
Pilot valves, 342, 354, 493

closing pressure, 512
failure, 630
failures gas lift, 505, 506
injection-pressure-operated (IPO), 501
liquid column, 511
lower/upper section, 500
malfunction, 782
model, with minimum area ratio, 533
OD pilot valves, 504
single-element valves, 505
surface controller, 510

Pipe diameter, 52, 88
Pipe radius, 38
Piston’s internal check valve, 502
Platinum resistance thermometer 

(PRT), 684
Plunger-assisted intermittent gas lift, 

526, 572
Plungers, 292, 602

conventional, 289
gas wells unloading, 292
hallow cylindrical, 291
intermittent gas lift, 292, 603

installation, 602
metallic ball, 291
metallic plungers, 602
new designs, 291
turbulent seal, 290
wellhead lubricator, 290
wobblewasher-type, 290

Pneumatic open/close valves, use of, 516
Pocket mandrels, 304
Polynomial equations, 12
Port area, 308
PPO. See Production-pressure operated 

(PPO) valves 
Pressure and temperature conditions for 

hydrate formation, 20
Pressure and temperature surveys, for wells 

on intermittent gas lift, 833
survey analysis, 837–845
survey procedure, 833–837

Pressure at depth in annular flow, 40
Pressure conditions, 51
Pressure correction, 50
Pressure-depth diagrams, 154, 155, 315, 

366, 679, 683, 734, 827
injection, possible points of, 652
relation, 256

Pressure distributions, 41
along production tubing for two different 

liquid flow rates, 83
along well for problem, 64
linear, 82
for single-phase liquid flows in straight 

pipes, 78
Pressure drop, 43, 48, 52, 56, 81, 139, 256

across choke, 142
calculations, 89
from compressor to wellhead, 61
at constant levels, 51
for entire length of pipe, 50
in gas pipe, 50
models develop for calculation, 121–122

Pressure gradient, 95, 109
Pressure increment, 40
Pressure limit, 306
Pressure sensors 

static and differential, 724
Pressure surveys, 637
Pressure traverse curves, 208
Priory, 377
Production closing pressure, 668
Production engineer, 780
Production flow rate, 476
Production pressure, 151, 344, 469, 822

actual, 359
curve, 157
drop, 778
fluctuation, 317
horizontal projection, 345
three-dimensional graph, 345
at valve’s depth, 796

Production-pressure-operated valves, 
109, 771

lower valve uncovered, 771
operating valves in throttling flow, 772
upper valve fail, 771

Production-pressure operated (PPO) valves, 
295, 328, 373, 600, 601, 694

advantages and disadvantages, 615
gas lift, 614
nitrogen-charged, 302, 667
spring-loaded, 303
test-rack injection opening pressure, 665
troubleshooting analyses of, 615
valve-mechanic equations for, 664

Production- pressure-traverse curve, 
379, 386

Production tubing, 25, 127, 128, 317
diameter of, 779
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nominal sizes, 26
pressure, 486
in situ gas velocity, 702
strings, 110

Productivity index (PI), 194, 484, 792, 796, 
823, 828

impact of calibration, 196
Pseudoreduced temperature, 8
“Pure” hydrocarbon gas, 7
PVT calibration, 192, 193
PVT correlations, 146
PVT data, 613
PVT properties, 176, 182

correlations, 144

Q
Quick-closing ball valves, 120

R
Redundant connections of injection gas 

distribution, 62
Reservoir pressure, 88, 467, 496, 766, 781

low, 781
Reservoir static liquid, 405, 648, 791
Reservoir static pressure, 709, 746, 752
Resistance temperature detector 

(RTD), 684
sensors, 684, 712

Reynolds number, 38, 78, 90, 94, 544, 
545, 555

calculation, 38
Rope socket, 239
Ros’ equation, 141
Rough approximation, 580
RSM-20 chamber gas, 591

bleed valve, 591
RTD. See Resistance temperature 

detector (RTD) 
Rudimentary calculation procedure, 645

S
Safety 

personnel, 1
valves, 129, 142

Sagar’s model, 333
Salt depositions, in gas lift valves, 629
Sample bailer, 242
SCADA system, 368

two-pen chart recorder, 368
unloading process, 368

Scale deposition, 615

Seat diameter, 790
Second law of thermodynamics, 34
Semiclosed completion, 495, 641
Semiclosed installations, 250
Sensitivity analysis, 176
Sequential pressure drop per valve, 205
Several wellhead injection pressures, liquid 

flow rates, 206
Shallower points of injection, 198
Shear stress, 69
Shifting, continuous to intermittent gas 

lift, 481
Shiu-Beggs’ correlation, 103, 108
Sign of the cos(u) term, 36
Simple type completions, 485
Simplified model, 345
Simultaneous calculation of pressure and 

temperature distribution, 98
flow chart for, 98

Single completions, 250
Single-element valve, 506, 510
Single-phase gas flow, 25
SIngle-phase liquid flow, 62
Slippage, 90
“Slug” flow, 87
Slug regeneration, 573
Slug velocity, 766
Small-diameter orifices, 360
Small-diameter parallel injection pipes, 41
Solid depositions, in flowline and 

production tubing, 631
Solubility 

of methane in pure water, 14
of natural gas in water, 14
of water vapor in natural gas, 16

Solution gas/oil ratio, 189
Sonic devices, 648, 689, 874, 875

to determine the liquid level inside the 
tubing, 876

Sound velocity graphs, 690
Sour gases, 1, 2
Special valves for coiled tubing 

completion, 212
Specific gravity, 6, 12, 876

gas, 28
of pure gas, 6

Specific heat ratio, 22, 23, 132
Spring-loaded valves, 304
Static closing pressure, 353
Static conditions, 42
Static-force-balance equation, 790
Static gas gradients, 26

Static pressure gradient, 62
Static reservoir pressure, 41, 755,  

798, 823
at perforations, 791

Static temperature surveys, 686
Steady-state correlations, 779
Steady-state model, 740
Stem actuator, wrong calibration, 516
Stem displacement, 338
Stem travel, 343
Stock-tank conditions, 92
Stokes/anti-Stokes ratio, 713

reflection, 713
Storage volume, high-pressure, 608
Stratified flow, 88
Stratified wavy, 111
Subcritical flow, 130, 315, 340
Subsurface gas lift operating valve, 479
Superficial liquid velocity, 90
Superficial velocities, 86

of phases, 142
Surface closing pressure, 464, 554
Surface controllers, 770
Surface gas flow meter, 777
Surface gas flow rate, 571, 780, 821
Surface gas pressure, 26
Surface injection, 466

controllers 
control algorithm, 515
disadvantage of, 512

gas flow rate, 551, 570, 732
control valve, 623

gas injection, 628
choke, 531

downstream of, 646
control, 599
pressure, 750

opening pressure, 554
pressure, 26, 41, 367, 599, 660, 661, 

752, 822
pattern, 572

Surface intermitter, 481, 599
failure, 631

Surface lubricator, 238
Surface opening pressure, 774, 795
Surface pressure, 29

operating, 409
Surface temperature, 775
Surface valve’s closing pressure, 549
Surface wellhead gas injection valve, 730
Sweet gas, 1
System pressure fluctuations, 622
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T
Targeted oil production, at water-cut 

value, 201
TCLs. See Tubing collar locators (TCLs) 
Temperature–depth diagrams, 715

three dimensional graph, 716
Temperatures, 1, 103

distribution along production tubing of 
oil wells, 107

distribution along tubing string, 99
distribution in gas lift well, 100
gradient, 107
profile 

determination, 169
pressure, 170

of unloading gas lift valve, 99
Tendency curves, 613
Test-rack calibration closing  

pressure, 794
Test-rack calibration procedure, 668
Test-rack closing pressure, 503, 794
Test-rack opening pressures, 644

production, 303
Test separator, 609, 613, 719
Thornhill-Craver equation, 320, 552, 575, 

591, 655, 656, 660, 662, 663, 
671, 672

Throttling-flow models, 318, 334
Time-average fraction, 89
Total gas flow rate, 55, 776
Total pressure drop, 54
Total pressure gradient, 83, 94, 95
Total pressure of mixture, 4
Total system analysis, 166, 167, 171

bottomhole flowing pressure, 197
depth determination 

constant wellhead production 
pressure, 154–161

operating point of injection, 152–153
perform additional useful 

operations, 163
bracketing, 181
first calculation procedure, 177
liquid production and injection gas 

flow rate, 172
multiphase flow correlation 

comparison, 170
nodal analysis, 171, 173, 174
outlet pressure, as liquid flow rate 

function, 172
point of injection, 176

pressure and temperature profile 
determination, 169

second calculation procedure, 178
variable wellhead pressure, 161–163

economic analysis, 209
fluid properties, gas lift system’s, 182
friction gradient, 166
gas lift well that cannot produce on 

natural flow, 203–209
gas lift well that can produce on natural 

flow, 187–203
hydrostatic pressure drop, 162
IPR curve, 156
minimum pressure gradient curve, 163
operating point of injection, 152
optimum injection flow rate, 164
point of injection depth, 151
unstable production, 164

Towailib–Marhoun correlation, 146
Transitional flow, 318, 342
Trapezoidal rule, 36
Travel time of liquid slug in production 

tubing, 794
Troubleshooting 

analysis, 1, 644, 787, 788
calculations, 783

with injection pressure, 754
operating orifice valve, 745
well completion, 744

computer programs, 739
expert systems, 739, 740, 742
intermittent well, with multiple points of 

injection, 777
software, 1
wells, on gas lift, 612

True liquid pressure gradient, 535, 536
True vertical depth (TVD), 187
Tubing annular volume, 494
Tubing-annulus communications, 247, 678, 

679, 741
Tubing, average gas density, 581
Tubing-casing communications, 875
Tubing collar locators (TCLs), 681, 686
Tubing diameter, 78, 87
Tubing end locator, 242, 711
Tubing gauge, 242
Tubing headings, 464
Tubing, hydrostatic pressure component, 165
Tubing inside diameter, 186
Tubing joints, 254, 689
Tubing, liquid pressure gradient, 693

Tubing pressure, 238, 826
natural flowing well, with injection gas 

flow rate, 737
Tubing-retrievable valves, 212, 305
Tubing strings, 110, 368
Tubing swage, 242
Turbine flow meters, 720
Turbulent flow, 38

explicit expression for friction  
factor, 38

TVD. See True vertical depth (TVD) 
Two-pen charts, 642

recorders, 618
wellhead pressure, 770

Typical temperature distribution, for well 
producing on natural flow, 99

U
Unified models, 117, 118, 342
Universal gas constant, 27, 35, 60
Unloading design calculations, 376

fluid properties, 376
IPR curve, 376
multiphase flow correlations, 376

Unloading valves, 151, 357, 444, 629, 770
calibration pressures, 518, 519
closing pressures of, 366
opening pressures of, 366
pressure drop, 369
seat diameters, determination of, 444
surface, 771

Unstable gas lift system pressure, 622
Unstable production, 164
Upstream choke, 360
Upstream injection pressure, 654
Upstream pressures, 138, 315

V
Valve area ratio, 408
Valve closing pressure, 298, 350, 410
Valve diameter calculations, 672

casing–tubing communication, 673
Valve interference, 465
Valve mechanic equations, 649
Valve operating pressure, 410
Valve’s area ratio calculation, 527
Valve’s closing pressure, 524, 540
Valve’s downstream pressure, 503
Valve’s force balance equation, 527
Valves installation, in well, 749, 752, 755
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Valve’s opening pressure, 521
injection, 523
surface, 797

Valve’s upstream pressure, 503
Valve, throttling flow, 727
Variable gas/liquid ratio, 158
Variable temperature, 29

gas, 27
Variable wellhead pressure, injection point 

depth for, 162
Velocity, 28, 39

iteration procedure, 555
Vertical depth, 26
Vertical flow, 118

feature of, 86
global mechanistic models, 112
multiphase, 162

Virtual flow rates methods, 740
Viscosity, 39, 93, 110, 142
Viscous fluids, 782
Vogel equation, 578
Vogel’s correlation, 485
Volume of gas 

enters the tubing per cycle, 775
per cycle, 484
at standard conditions, 775

Volumetric capacity of the production 
tubing, 792

W
Water cut 

effect, 183
impact, 197

Water density, 63
Water formation volume factor, 92
Water handling costs, 378
Water-in-oil 

emulsions, 782
ratio, 93

Water salinity, 15
Water vapor content of natural gas at 

saturation, 17
Weight bar, 239
Weight indicators, 239
Well 

actual production capability of, 595
annulus, 511
casing–tubing communication, 723
circulating gas 

injection, wellhead pressures of, 670

wellhead pressure behavior of, 669
closed to production, 729
completions 

for intermittent gas lift, 494
troubleshooting calculations, 744

continuous gas lift, 725
on continuous gas lift, 731
deviation survey, 187
liquid level, without packers, 693
liquid production, 631
not taking gas, 721
pressure-depth diagram of, 693, 694
producing viscous fluids, 725
productivity index, 467
simple type completions, 485
static bottomhole pressure, 691

Wellhead annulus, 628
Wellhead configuration, 494
Wellhead pressure chart interpretation, 613, 

643, 676, 720, 723, 748, 750, 
782, 877

bad operation, reasons, 881
controlling gas injection to well with 

same subsurface pilot valve, 905
general examples, 877

calibration, 877
conventional charts, 877
maximum production pressure, 878
pneumatic or electronic sensors, 878
pressure charts, 877
slug velocity, 878

injection pressure behavior, surface time 
cycle controllers used, 883

injection-pressure-operated valve 
calibrated at a very high injection 
opening pressure, 897

injection pressure patterns for 
intermittent gas lift with time 
cycle controllers, 883

open completion (no packer), 897
operating valve opens during the liquid 

column regeneration period, 896
pattern for well with a very small annular 

volume, 895
pilot valve with 

calibrated at very low test-rack 
closing pressure and working in 
conjunction with, 906

constant surface gas injection/use of 
surface intermitter with adequate 
gas injection time/gas leak, 903

production-pressure-operated pilot valve 
with surface pressure reduction 
controller, 897

production-pressure-operated valve 
calibrated to open with full line 
injection pressure, 897

production pressure patterns, 879
single-element valve at the operating 

point of injection, 899
surface gas injection controlled with a 

surface intermitter, 899
surface intermitter 

and downhole pilot valve, 901
leaking pilot valve, 901

at injection manifold, 901
with large upstream restriction at 

injection manifold, 887
remains open for very long time, 888
working but downhole pilot valve 

failed open, 890
time cycle controller, 912
tubing hole or annulus–tubing 

communication, 892
gas injection controlled by surface 

intermitter, 892
two ways of controlling surface gas 

injection with same subsurface 
gas lift valve, 909

types of failure, 893
very small gas flow rate across the 

surface intermitter, 907
well on choke control, 910
well that has not been fully unloaded, 

886
well unloaded on intermittent gas 

lift, 896
well with small annular volume, 889

pressure chart and gas flow rate 
chart, 889

well with very large injection annular 
volume and injection-
pressureoperated pilot valve, 891

Wellhead pressures, 161, 675, 753, 776, 795
chart interpretation. See Wellhead 

pressure chart interpretation 
fluctuates, 722
injection, 153, 238, 367, 375, 644, 646

behavior of well with damaged gas lift 
valve, 825

injection point depths, 207
pressure–depth diagram, 751
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production, 159, 535, 674,  
748, 753

sensors, 613, 795
vs. liquid flow rate diagram, 162

Wellhead production choke, 732
sizes, 753

Wellhead, true vertical depth, 708

Weymouth equation, 48, 54, 56, 57, 60
for the lines in parallel establish, 57

Wim der Kinderen’s instability 
criterion, 470

Wirelines, 237
equipment, 237
grab, 242
job, 257

retrievable valves, 212, 305
technique, 680
tools, 237

odometer, 237
power unit, 237
reel, 237
safety valves lubricators, 237
weight indicator, 237

Wellhead pressures (cont.)


