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PREFACE

When I started in Oil & Gas in 1980 as a “User Analyst” for Standard
Oil (Indiana) (later to become Amoco Production Company and finally
to merge with British Petroleum to become BP), the job was to represent
users of (mainframe) computer programs in the process of developing
applications for engineering and field use. To say that I was “fighting over
my weight” would be a significant understatement. Everyone I talked to
had vastly more knowledge of their job than I had of mine, but I was
required to represent their needs and wishes to programing teams that
barely knew what industry they were in. The only way that I could find
to bridge that gap was to talk to people—a lot of people, in a lot of dif-
ferent disciplines. When I say “talk” T mean “listen.” 1 learned fairly
quickly that people like talking about themselves and their jobs to some-
one who displays interest. I spent a lot of time on the road in field and
regional offices trying to find out what people need from the computer
programs | was developing. As the programs ranged from a payroll appli-
cation to a program that managed $200 million USD worth of pipe
inventory to a program that allowed reserves estimators to store their
results for aggregation, I talked to a wide range of people with a very
wide range of skill sets. After 10 years of representing end-users in appli-
cation development, I had a reasonably good handle on the business, the
operations, and the industry.

In subsequent roles, I found myself managing a group responsible for
representing the company’s interest in wells operated by other companies.
Part of that role (as the only engineer in the group) was to participate in
estimating the coalbed methane reserves in the San Juan Basin. As I was
signing the Reserves Change Form for several hundred wells representing
a working interest proved reserves of hundreds of billion standard cubic
feet of gas, I had pause. I wondered, “I'm saying that we can achieve a
125 psia reservoir pressure, but I have no earthly idea how to do that as
our off-system delivery pressure is contractually 112 psia, and these wells
cannot flow economic rates at a 13 psid pressure drop from deep in the
reservoir to the compressor station.”

The more I thought about it, the less confident I was that we could
meet this abandonment pressure in this totally unknown asset. There was
no analog in the world for the way that we expected the CBM field to



X Preface

release the adsorbed gas. We truly did not know what kind of surface
pressures were required late in the life of a CBM field or what flow rates
could be expected at those pressures. I was nervous enough to approach
my boss and explain my concerns and ask for the opportunity to operate
the company-operated portion of the CBM in the San Juan Basin and
learn how to do it. After considerable management discussion, I assumed
that role “in addition to other duties.”

At the same time, [ was working on my master’s degree in fluid
mechanics, and my master’s thesis was on a topic in gas measurement. As
that project progressed, the regional measurement engineer was trans-
ferred to another role without being replaced, so I stepped into the role
of gas-measurement engineer once again “in addition to other duties”—it
was very lucky that my staff in the outside operated group did not require
much supervision.

After about 3 years of wearing all of these hats, the CBM operations
reached peak production and began a 60% annual decline. That magni-
tude of decline was not anticipated in the production budget, and every-
one became very concerned. I was “asked” to present the current state of
the field to management. At the end of my bleak review, my boss asked
the key question “what will it take to reverse this decline?” I had
expected this question and had thought about it, so my answer was “there
are five questions that no one in the world knows the answer to, I believe
that if T have the space to work on this, I can come up with answers or
work-arounds for them, but I can’t tell you today what those answers will
be or if they will have reasonable economics”” He asked me what
I needed in order to do that. I answered, “Leave me alone for four
months.” His response was a perfect “If you can list the problems and esti-
mate a duration to solve them, then you've already started on the solu-
tion, see you in February” I spent the next 4 months in my basement
developing what became “The POD” that is discussed in detail in
Chapter 10, Integration of Concepts, and forms the basis of my
understanding of the way that low-pressure/high-rate reservoirs
perform. Developing and implementing this analysis and the projects that
it spun off contributed to the breadth of experience that this book
represents.

When I retired from BP in 2003 and started MuleShoe Engineering,
[ realized that 23 vyears with Standard Oil (Indiana) — Amoco
Production Company — BP was really an apprenticeship for actually
being an engineer. I've continued to learn in my consultancy, but the
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things I learned while working at a major were a significant portion of
the price of entry to the world of consulting.

A recurring theme in my interactions with clients was the question
“why doesn’t this engineer know that?” As that question came up more
and more often with new-hires, mid-career, and late-career engineers,
I started wondering where a person would acquire the seemingly eclectic
range of knowledge needed to be an effective facilities engineer. In 2008,
I started teaching a 5-day class that I described as covering “everything
that I wish I had known when I started my career”” The class was well
received, and I was frequently asked where someone could get more
information on various topics covered in the course. Some of the sources
could be used for multiple topics, but mostly it required multiple books
or websites for each single topic. The course evolved over the years until
by 2015 it felt fairly mature. At that point, the slowdown in the industry
coincided with an even more severe slowdown in my consultancy, and
I decided it was time to turn the course into the book you hold in your
hands (or view on your screen).

Writing this book showed that the course was not nearly as mature as
I'd thought, and there is one huge difference—in the classroom if I say
something dumb, wrong, or confusing, the students can (and do) stop me
and require me to fix it right then, but if I write something dumb,
wrong, or confusing, there is no venue for clarification. Consequently,
I've proofed the text a dozen times, imposed upon colleagues to review
the individual chapters, and the editors at Elsevier have done a sterling
job of finding my inconsistencies, but I am confident that there are errors
and omissions that have escaped all of these reviews. For those,
I apologize.

Although I sincerely appreciate the work of the various reviewers
from six continents and thank them heartily, I won’t list them here
because I want it made clear that any problem or shortfall of this manu-
script is mine, and those shortcomings should not fall to the people who
kindly donated their time to making the book better than it would have
been otherwise.



CHAPTER ZERO

Introduction

0.1 BACKGROUND

When I started working in Oil & Gas in 1980, there was a very long
list of things that I wish I had known. In retrospect, more than anything
else, T needed access to the terminology that specialists in various parts of
the industry used. For example, when a Tool Pusher was installing a down-
hole pump that I was experimenting on he asked me “do you want it set
in tension or compression?” I did the “engineering thing” and made up an
answer without anything to base it on. It turns out that I made the right
choice, but coin tosses are a poor basis for an engineering decision. In this
case I simply did not know exactly what he meant (I knew the terms, but I
didn’t know at that time how the terms applied). This book is an attempt
to make the esoterica of the onshore upstream gas portion of the industry a
bit more accessible to engineers whose remit is surface facilities.

Any book that purports to follow a hydrocarbon molecule from
“squashed dinosaurs” to the ultimate burner tip faces the related dilemmas
of “where do you start?” and “what can you assume the reader already
knows?” Hopefully, it is safe to assume that anyone who picks up this book
is comfortable with the concepts of algebra, but how about Newton’s laws
of motion? The general laws of thermodynamics? Kinematics? Organic
chemistry? How much fluid mechanics can be assumed? There are no clear
answers to these questions, but there are a few concepts that are used across
all engineering disciplines in Oil & Gas that tend to get lost in the noise.

<

For example, every part of Oil & Gas uses “volume flow rate at standard
conditions.”” That idea is basic to reserves estimates, well-bore tubular
requirements, pipe design, vessel capacity, and plant operations.

Everyone understands SCF (or SCm) don’t they? Maybe not. In my
master’s thesis I used a volume flow rate at standard conditions to calculate
a “velocity” that was central to my basic assertions. I defended this con-
cept in front of my Thesis Committee and none of them even hinted that

all of the conclusions contained in my thesis were absolutely invalid

Practical Onshore Gas Field Engineering. © 2017 Elsevier Inc.
DOL: http://dx.doi.org/10.1016/B978-0-12-813022-3.00021-3 All rights reserved. 1
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because of this bonehead mistake. This experience leads me to the con-
clusion that the concept of volume flow rate at standard conditions is so
ubiquitous in the industry that everyone assumes that everyone else
understands it properly. Almost all of us are wrong about almost all of us.
This chapter is focused on removing the veil of complacency from several
of these ubiquitous concepts so we don’t need to revisit them multiple
times in the subsequent chapters. If you are uncomfortable with algebra
you might want to go elsewhere for a refresher prior to proceeding.

0.2 FLUID TERMINOLOGY

When discussing the fluids we encounter in Oil & Gas, definitions
often get blurred and many of the differences are of critical importance to
selection and operation of surface equipment.

Crude oil: A mixture of naturally occurring chemicals which contain
hydrocarbons and is liquid at reservoir conditions and remains liquid at
temperatures somewhat above ambient at atmospheric pressure.

Condensate: A mixture of naturally occurring chemicals which contain
hydrocarbons that are gaseous at reservoir conditions and liquid at ambi-
ent conditions. Condensate generally includes species of hydrocarbons
including pentane (CsH;p,), hexane (CqHy,), and occasionally heptane
(C7H16) and octane (CgH;g). Lighter hydrocarbon species can be present
in condensate, but over time it will boil off. API gravity (see below) of
condensate is generally 45—75°API.

Dry gas: A mixture of gases that does not contain hydrocarbon species
that become condensate.

Note that all of these definitions start with “a mixture” This is
because no reservoir has pure fluids, Mother Nature just doesn’t work
that way. The exact mix of fluids is quite variable from field to field and
even from well to well within a field. A term like “West Texas
Intermediate (WTI),” “North Sea Brent,” or “Saudi Light” actually refer
to a narrow range of specific gravities and API gravities (see later) and
upper limits of contaminants.

Also note that “dry gas” does not mean that there is no liquid, it
means that there is no marketable liquid hydrocarbons, there can be a
considerable quantity of water in a “dry gas” field.
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Natural gas liqguids (NGL): Hydrocarbon species whose boiling point is
near-ambient and cannot be reliably stored at atmospheric pressure in a
vented vessel. NGL generally includes ethane (C,Hg), propane (Cs3Hsg),
butane (C4H;(), and isobutane (C4H;).

Specific gravity: Specific gravity is a convenient way to represent a fluid’s
mass relative to a reference fluid.

* Liquid: The specific gravity of a liquid is the density of the liquid
divided by the density of pure water at a reference temperature (usually
60°F or 15.6°C, but other temperatures are used) (i.e., 64.4 Ibm/ft’
(1000 kg/m”)). If it is known that a liquid’s density is 60% of the density
of water, then you can input the density of water in units that are con-
venient for your current calculation and multiply it times 0.60. Liquid
specific gravity is not an intrinsic property of the liquid and must be
referenced to a specific temperature.

*  Gaus: Specific gravity of a gas is a ratio of the mass per mole of the gas
divided by the mass per mole of air (28.9625Ibm/lb-mole
(28.9695 gm/gm-mole)). Gas specific gravity is an intrinsic property
of the gas and is not dependent upon pressure or temperature.

Wet gas: A mixture of gases that include hydrocarbon species that
become liquid with pressure or temperature changes of a magnitude
expected in normal gas production.

5 0.3 OILFIELD UNITS

Traditional oilfield units are based on the foot—pounds—second

(FPS) system as bastardized by the industry. Primary oilfield units are:

* bbl — Barrel, used for all liquid measurements defined as 42 US gallons
(1591L).

* SCF — Standard cubic feet, volume of gas stated as though it were
measured at a reference pressure and temperature (see later).

* M — Roman numeral for 1000.

* MM — Multiplication of Roman numerals (i.e., in Roman numerals
“MM” would be 2000, but in Oil & Gas “MM” is 1 million or 1000
X 1000).

« B — Abbreviation for “billion” or 10°.

« T — Abbreviation for “trillion” or 10",



4 Practical Onshore Gas Field Engineering

The prefix “M” and “MM” are only used in this book to mean

“1000” and “1,000,000,” respectively, with traditional oilfield units.

The SI units that this book will use are:

« m> — Cubic meter, only used in this book for physical volumes like
liquid volumes and gas volumes at actual conditions (never for gas
volumes at standard conditions).

* SCm — Standard cubic meters, volume of gas stated as though it
were at a reference pressure and temperature (see later).

« k — Kilo, as a prefix it is the base value times 10°.

« M- Mega, as a prefix it is the base value times 10° (this book will
try to avoid the use of “M” as an SI unit, but values like MPa are far
too ubiquitous and useful to completely forego).

« G — Giga, as a prefix it is the base value times 10°.

« T — Tera, as a prefix it is the base value times 10",

« P — Peta, as a prefix it is the base value times 10"

« E — Exa, as a prefix it is the base value times 10'®,

0.3.1 Unit Conversions

For conversions, in Tables 0.1 and 0.2, the units you have are in the first
column. Go across and get the multiplication factor (Table 0.3).

0.3.2 g,

Mass in the fps system is messy. The “official” mass unit is the “slug”
which is designated as “the mass that would represent a weight of 32.174
Ibf on the surface of the earth.” Slugs tend to be a difficult concept for
many people and calculation errors with mass in fps are so common that
an informal unit called “pounds mass” and designated “lbm” was devel-
oped. One Ibm weighs 1 Ibf on the surface of the earth, which creates a

Table 0.1 Gas Unit Conversions

SCF MSCF MMSCF SCm kSCm
SCF 1 1IE—3 1E—6 0.0283 0.283E — 3
MSCF 1E3 1 1E—3 28.32 0.0283
MMSCF 1E6 1E3 1 28,320 28.32
SCm 35.31 0.0353 353E—6 1 1E-3
kSCm 35,310 35.31 0.0353 1000 1

Note: In this book, when reference temperature and pressure are not stated, 14.73 psia (101.56 kPaa
or 1.0156 bara) and 60°F (15.56°C) were used. If your project is expecting a different reference
temperature or pressure, then multiply the above table by p14.7/60F = Prequired values-
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Table 0.2 Liquid Unit Conversions

BBL Gallon L kL=m3
BBL 1 42 159 0.159
Gallon 23.8E—3 1 3.79 3.79E—3
L 6.29E — 3 0.264 1 1E—-3
kL =m’ 6.290 264 1000 1

Table 0.3 Temperature Unit Conversions

°F R °C K
°F 1 °F + 459.67 (°F — 32)*5/9 (°F — 32)*5/9 +273.15
R R —459.67 1 (R —491.67)*5/9 R*5/9

°C °C*9/5 + 32 °C*9/5+491.67 1 °C +273.15

K K*9/5—459.67 K*9/5 K —273.15 1

whole new package of confusion. The mathematical representation of
mass and weight in the fps system is (all variables are defined in the
“Nomenclature” section at the end of this chapter):

lbf=g-lbm31=g'%.'.g[=g'lﬁ)—nfl 232.174'% 0.1)
Someone doing calculations in the fps system decides whether to
include a g, or not when they determine if the equation includes Ibm and
needs the results in 1bf (e.g., a column of liquid has a mass and a density,
but we frequently need the force that that column will exert at the bot-
tom of the column in Ibf per unit area), includes lbf and needs lbm, or
has both and needs to cancel them.
This term has always been unique to the fps system, but recently the
SI folks have been using kgf/cm® instead of kPa or bar so they will have
to develop their own nonsense.

0.4 RESERVOIR FLUIDS

The Oil & Gas Industry exists to exploit in situ fluids in subterra-
nean reservoirs. Any action that the industry takes that is not intended to
facilitate that imperative is a waste of resources. Some fluid characteristics



6 Practical Onshore Gas Field Engineering

are so specific to a particular process, that it is appropriate to define those
characteristics closer to the process (e.g., Chapter 7: Water Collection and
Disposal seems like the appropriate place to discuss what to expect within
the produced water that must be collected and disposed of). There are
some general concepts that are appropriate for this chapter.

Do we need to consider safety of employees and the public?
Absolutely, but we need to take those safety actions in ways that consider
the fact that the only reason that these safety considerations exist is
because we are trying to extract, transport, and process reservoir fluids
into compounds that are useful to people.

Reservoir fluids are central to every appropriate action that any of us
take within our roles in the industry. Consequently, the discussion of
these fluids is appropriate in this portmanteau chapter rather than in
Chapter 1, Gas Reservoirs.

g 0.5 LIQUIDS

The liquids that we deal with are produced water, oil, and conden-

sate. The field of oil chemistry is vast and complex. Since this book is
only intending to consider the issues of gas wells, crude oil as a detailed
topic seems to be outside of the intended scope. Many gas wells produce
both condensate and NGL, but it seems more appropriate to discuss those
topics in Chapter 9, Interface to Plants.

0.5.1 Liquid Specific Gravity

The specific gravity of a liquid is (all variables are described in the
“Nomenclature” section at the end of the chapter):

SG[,'qm'd _ pliquid at 60°F (02)

Puater at 60°F
If the specific gravity of the liquid is known, we don’t have to care if
we call the density of water 62.4 Ibm/ft’ or 1000 kg/m’ to determine the
density of the liquid. Defining the specific gravity of liquid relative to
water also has the benefit of allowing someone to tell at a glance whether
the liquid will float or sink in a body of water.
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Density is not an intrinsic property of a liquid. Density will change
(slightly for water, significantly for many hydrocarbon liquids) with
changes in either pressure or temperature. Consequently, it is necessary to
define specific gravity of a liquid at a reference temperature and pressure.
For most engineering problems, the magnitude of the density changes
with pressure or temperature is less than the uncertainty in the calculation
(e.g., if you are estimating temperature * 20°F (= 11.1°C) then a density
uncertainty of 0.02 Ibm/ft’ (0.32 kg/m’) is unlikely to make a material
difference in your total uncertainty).

One area where the actual temperature and pressure of the fluid is
critical to fluid density and specific gravity is situations with volatile
hydrocarbons. Small changes in either pressure or temperature can cause
phase-change events including liquids flashing to a gas or gases condens-
ing back to a liquid. These phase changes can easily make a material dif-
ference in the mass of fluid in your tank or pipeline. Dealing successfully
with volatile hydrocarbon species is a specialized activity that is rarely
central to upstream decisions and while it is important to understand that
it happens, the mechanics of accounting for hydrocarbon phase change is
beyond the scope of a book focused on gas.

0.5.2 API Gravity

“API gravity” is unit specific to commercial transactions dealing with
crude oil and condensate. It is basically a normalized density, but it is
presented as a temperature.

1415
CAPI= — 2 1315
at 60°F
1415 0.3)
SGa s0p = ——
COF T 315 + °API

The “at 60°F” designation is important since crude and condensate
can change density rapidly with changes in temperature when you pass
the boiling point of volatile hydrocarbon components.

The commodities market breaks the >’API numbers down into:

* °API > 31.1 — Light crude oil and condensate

* 223 < °API < 31.1 —» Medium crude oil

* 10 < °API < 22.3 — Heavy crude oil

* °API < 10 — Extra heavy crude oil (will not float on water)
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WTI is defined as 39.6 °API, North Sea Brent is 38.06 °API, and
Dubai Crude is 31 °API, the heavy crude from the Athabasca Oil Sands
is around 8 °API. Shale oil from the Eagle Ford field tends to be 40—45
°APL

Refineries are designed for a very narrow range of °API and they can
operate only as long as they can find a mix of oils that can be blended to
match the design range. Trying to bring oil sands crude into a refinery
designed for WTI requires a large amount of Eagle Ford (or similar) light
crude to get the combined mix to 39.6 °API (and conversely, processing
Eagle Ford crude requires some heavier oil to get down to the WTT target).

0.5.3 Barrel of Oil

King Richard III (1452—85) decreed that a “tierce” would hold 42 gallons
(159 L). When oil was discovered in Titusville, PA, in 1859 and started
the process of creating the Oil & Gas Industry, it was not known how oil
would be packaged or sold since the internal combustion engines patented
before that time were impractical (i.e., they did not compress the fuel/air
mixture prior to combustion and developed inadequate power for most
tasks) and the Titusville crude was not originally thought to be a motor
tuel (the first Otto patent with compression wasn’t until 1876).

Producers in Titusville looked at the various standard size vessels and
found that a tierce full of oil weighed about 300 Ibm (136 kg) which was
about as much as two men could handle. They also found that 20 tierces
would fit in a railroad car without significant wasted space. Based on these
findings the state of Pennsylvania defined the unit of commerce for crude
oil as a 42 gallon tierce (Historical, 1, 2016).

By 1901 when the Spindletop field was discovered in West Texas,
industry in the United States was looking for a steel alternative to wooden
barrels. In 1905, Henry Wehrhahn, an employee of Nellie Bly’s Iron Clad
company, patented a 55 gallon barrel for bulk liquids (Historical, 2,
2016). Most of the bulk movement of crude within the Spindletop field
was by horse-drawn wagons on very primitive roads. The teamsters did
not want to take the time to attach drum lids and they found that if they
only put 42 gallons in a 55 gallon drum, the spillage was acceptable and
the teamsters began painting a fill-line in the drums at the 42 gallon level.
The teamsters were paid by the drum, not by hauled volume. Since you
get what you measure, a different basis for payment certainly would have
resulted in a different outcome, but they were counting drums.
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Eventually the Spindletop experience was matched with the earlier
Titusville experience and an oilfield barrel was defined as 42 gallons
(159 L) in time to begin supplying bulk fuel to the limited mechanization
that occurred during World War I.

The abbreviation for “barrel” is “bbl.” There is an apocryphal story in
the industry (Historical, 2, 2016, 2) that the abbreviation comes from the
documented Standard Oil requirement that all barrels used for Standard’s
oil be painted blue and that the abbreviation stands for “Blue BarreL.”
Oil & Gas historians have uncovered 18th century bills of lading which
referred to the quantity of many bulk liquids as being in “bbl” containers.
The actual genesis of that abbreviation has been lost to antiquity, but it
did not refer to the color of containers.

0.5.4 Liquid Hydrostatic Pressure

Since Oil & Gas wells are very long vertical conduits, we have to be con-
cerned about the effects of stacking fluids vertically. For an incompressible
fluid we see a linear gradient from the top of the column increasing to a
maximum at the bottom. A gas gradient is a bit more complex. In both
cases the cross-sectional area of the column has no impact on the pressure
at the bottom, just the height.

0.5.5 Hydrostatic Gradient

For a liquid the pressure at the bottom of a column is:
Phﬂf =p g h+ Pf”l’ = Puater 'SGIf‘i”id re h+ p“’l’ (04)

It is common to replace the density times gravity term with a pressure
gradient term:

psi kPa
grad = p ¢ = p,. SG g = | 0.433" " ‘SG=(981-—|-SG (0.5)
m

This makes it simple, if you have a 20 ft (6.1 m) standpipe going into

a tank, it is going to take at least 8.7 psig (59.7 kPag) for a pump to
overcome before the water can enter the tank.

0.5.6 Liquid Compressibility

For most calculations involving liquid it is reasonable to assume that
liquids are incompressible, but they are not actually incompressible. The
term “bulk modulus” is used to indicate the amount of pressure required
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to lower the volume occupied by a specified mass of a fluid by 1%. For a
gas the bulk modulus is very close to zero. For water it is 319,000 psi
(2.2 GPa).

A column of liquid water 196 miles (314 km) high would cause the
water at the bottom to be 1% denser than the water at the top, not a real
concern. On the other hand, a cyclical hydraulic system that imparts
20,000 psig (137,900 kPag) on a string of 3-in diameter pipe running
16,000 ft into the ground and then releases the pressure to retract a
plunger and then repeats will have to add nearly 5 gallons of water on the
pressurization stroke and then have a place for that water to go on the
depressurization step—a 3 gallon supply tank would run dry, a 6 gallon
supply tank would likely hit a low-level alarm every step.

0.6 GAS
0.6.1 Gas Equation of State

There are a number of refinements of the classical ideal gas law
(Wikipedia, 1) that is taught in college chemistry classes. The refinements
are used in Oil & Gas primarily in high-pressure/high-temperature reser-
voir calculations and within plant processes. For field operations in gas,
the complexities of most of these refinements do not result in different
decisions from the decisions you would reach with a simple equation of
state (EOS). Consequently, in this book, we will use:

PV=nR-T=PV=m Ry T (for an ideal gas)

PV =m" Ry, T Z (for real gases) 0.6)

As will be discussed later, the “Z” term is called “compressibility” and
represents a gas deviation from ideal behavior. By convention, air is assumed
to be an ideal gas (Z=1.0) even though it does exhibit a slight deviation
from ideal behavior which is typically well below the error introduced by
measuring temperature and pressure (and gas composition for that matter).

0.6.2 Gas Specific Gravity

Gas density is not as convenient a term to use as liquid density, it is far
too variable. Instead, in gas we use the ratio of the molecular weight of a
gas to the molecular weight of air. This is an intrinsic value and it remains
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constant over the complete range of temperatures and pressures that a
gas could be subjected to. The molecular weight of air is taken as
28.962 1b/Ib-mole (28.962 gm/gm-mole).

Using molecular weight leads to an interesting observation. The
universal gas constant is:

R=15455- [ OF ) _gay( 0.7
’ R -Ib-mole ’ K-mole 0.7)

The universal gas constant is rarely useful to a facilities engineer since
we tend not to work in moles. The specific gas constant is more useful:

R R R, MW ; R,
:>Ra[r =_ :>Rgas — air air _ air (08)

MWgas Mwair ° ngas SGgas

Now, to get to a gas constant that we can work with in familiar units,
we only have to know gas specific gravity and that:

ft-Ibf ]
=287.068" —— (0.9)

R,;, =53.355"
R-lbm K kg

0.6.3 Gas Compressibility

Gas is quite compressible, and when you stack it vertically you find that
the pressure exerted by the gas stacked above it changes via both linear
and nonlinear mechanisms. The primary nonliner mechanism is called
“compressibility” (symbol “Z”) which is fundamentally a measure of the
amount that a gas deviates from ideal gas behavior. Air is very nearly an
ideal gas where Z = 1.0. Methane and CO, exhibit distinctly nonlinear
(and often nontrivial) response to applied force.

Gas compressibility is clearly a function of gas composition. At 1000 psig
(6700 kPag) and 60°F (15.6°C) sweet gas (see Section 0.6.6.7 for the
description of “sweet gas,” “sour gas,” and “CBM”) has Z = 0.727, sour gas
has Z=0.791, and CBM has Z=0.863—a range of 17% relative to the
average. Sweet gas at standard temperature and pressure (STP) has Z = 0.99
and at 2000 psia it is Z = 0.59. Ignoring deviation from ideal behavior is
one of the most common sources of engineering failure in Oil & Gas.

Gas compressibility is not an intrinsic characteristic of a gas mixture
and methods of determining it range from very difficult to quite easy and
the results range from an excellent representation of reality to a poor
representation of reality, and there is not much correlation between ease
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of calculation and quality of results. The main techniques to develop

compressibility relationships are:

Equation of state. These values tend to be consistent and reliable, but
generally require very complex programming. Programs like
REFPROPEXE from the US National Institute of Standards and
Technology (NIST), which is inexpensive and quite capable, and the
HYSYS from Aspen Technologies, which is quite expensive and able
to evaluate very complex chemical and flow relationships, are required
to use the EOS method.

Corresponding states. This method uses critical behavior to predict devi-
ation from ideal behavior. The most commonly used method is the
Hall—Yarborough equation. Hall—Yarborough provides good results for
hydrocarbon gases, but the so-called acid gases (e.g., CO, and H,S)
cause it to provide numbers that deviate too much from the EOS meth-
ods. Some later researchers have developed adjustments that improve
performance in acid gases. This “equation” is a complex multistage pro-
gram that requires upward of 30 steps in an application like MathCad.
Closed form. GPSA has a pair of equations that do a good job for many
gases. For our sweet gas composition, both EOS and corresponding
states show a distinct upturn in the compressibility value above 2000 psia
(13,800 KPaa) that the GPSA equation dos not match. For our sour gas
composition, up to about 1300 psia (8900 kPaa), the GPSA is closer to
the EOS than corresponding states is. For our CBM gas composition, all
three methods are close. The GPSA equations are (GPSA):

For pressure < 145 psia
1

Z =
1+ 0.0002-P,

vg__psia
For pressure = 145 pslia (0.10)
Z= 5.101.785°SG
Pyt 3.444 X 10710757
1+ T3.825

avg

The GPSA book shows the shift from one equation to the other
to be 100 psia, but I find that value to have too much discontinuity.
Allowing the low-pressure equation up to 145 psia (10 bara) reduces
the discontinuity which is another support for using 145 as a break
point in physical performance as will be discussed in Section 0.7.5. Of
course both of these equations are empirical (see Section 0.9) and
must be solved with pressure in psia and temperature in Rankine.
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For pressures above about 2000 psia (13,800 kPaa), it is imperative
that you use EOS method. For sweet gas at 8000 psia (55,100 kPaa) and
60°F (15.6°C) REFPROP shows Z = 1.29 and GPSA shows Z = 0.42.

0.6.4 Gas Gradient

Gas gradient is more complex than the liquid gradient discussed earlier.

0.01875-SG- & 0.03418-SG- &
Pyoy = Py exp 1. . | Py exp B E— (0.11)
R Zm/g ran Zm/g

This equation works out to a very small number that can often be
ignored without impacting a decision. For example at 1000 m (3280 ft)
the exponent term works out to 1.07 times pressure at the top so if the
imposed pressure is 500 kPaa (73 psia) then the pressure at the bottom
would be 535 kPaa (78 psia).

0.6.5 Gas Density and Atmospheric Pressure

Gas density is derived from the EOS and is defined as the ratio of the

mass present divided by the volume it occupies.

om p P-SG
v Ry T+ Z Ry T -Z

p= (0.12)

An important special case is calculation of local atmospheric pressure.
The density of air is a function of pressure and temperature. Air tempera-
ture is a linear function of elevation above sea level (ASL) (the slope of the
line is 3°F/1000 ft (5.468°C/km). Weather impacts (i.e., current tempera-
ture, barometric pressure, precipitation, etc.) are insignificant relative to the
weight of the entire column of air. If you know your local elevation, then
you can determine local atmospheric pressure by (Wikipedia, 2):

g
v 6.248
. 0.003g " Rir
Patm = Pstd <1 - 0.00; j1A5L> =14.73 ps1 <1 - 73 7710 hA L)
St

m

g
0.005468 Ry,
Tad

6.248
patmzpstd(l_M =101. 56kPa<1—71894X10 h L>

(0.13)
This equation is valid up to about 360,000 ft (110 km) ASL.



14 Practical Onshore Gas Field Engineering

0.6.6 Fluid Characteristics

Mother Nature has allowed some fluids to be trapped within subterranean
reservoirs. These fluids included natural gas (methane through about hex-
ane), condensate, oil, sulfur compounds, CO,, nitrogen, oxygen, and
water. These mixtures are not very neat or tidy or in any way homoge-
nous. For example, what we include as “water” may have total dissolved
solids between 80 mg/L (ppm) and 400,000 mg/L with solids made up of
nearly the entire periodic table of the elements. As facilities engineers
we need to be able to accept whatever a reservoir might give us and to
render it either a valuable commodity or a safely removed waste stream.

0.6.6.1 Selected Properties

Some of the fluid properties that are most commonly used in our indus-
try are included in Tables 0.4 and 0.5. This data is extracted from the
GPSA Engineering Data Book (GPSA) which is the one indispensable ref-
erence for all engineers in the Oil & Gas industry. Other authors have
other recommendations for “the one indispensable reference,” but for
many years the only book on my shelf that was ever opened was GPSA
(and I have all of reference books that I've ever heard described as “indis-
pensable”). GPSA Engineering Data Book is far from perfect, but it is
almost always “good enough.”

0.6.6.2 Adiabatic Constant
Adiabatic is defined as “relating to or denoting a process or condition in
which heat does not enter or leave the system concerned” (Webster).
Adiabatic conditions are very common in many areas of our industry. In
many other situations there is heat leaving the system (if you've ever laid
your hand on a compressor discharge pipe, you will have experienced
heat leaving the system very rapidly, into your hand), but the heat that
enters or leaves is small relative to the system as a whole. The assumption
that a process is adiabatic is often very useful.

Specific heat at constant pressure (c,) is an intrinsic property that is
included in Tables 0.4 and 0.5. Specific heat at constant volume is a
derived property that is described by:

R.
=6 ~ Rus=¢ — Sg

(0.14)

This allows the definition of an “adiabatic constant” as (sometimes the
adiabatic constant is represented as the Greek letter “kappa” or “gamma,’



Table 0.4 Selected Properties (fps) (GPSA)

Formula Mw Boiling Point (°F) SG (Relative to Air) Net Heating Value ¢, (BTU/Ib-°F)
at Standard Pressure (MMBTU/MSCF)
C1—Methane CH, 16.043 —258.7 0.5539 0.9094 0.52669
C2—Ethane C,Hg 30.070 —127.5 1.0382 1.6178 0.40782
C3—Propane C;Hg 44.097 —43.7 1.5226 2.3149 0.38852
C4—-Butane C4Hy 58.123 n: 31.1 2.0068 n: 3.0108 n: 0.39499
i 111 i: 3.0004 i: 0.38669
C5—Pentane CsHy, 72.150 n: 97.0 2.4912 n: 3.7069 n: 0.38825
i: 82.1 i: 3.6990 i: 0.38440
C6—Hexane plus  Various 95.514 >100 3.2979 4.9898 0.36724
carbon dioxide CO, 44.010 —109.1 1.5196 0 0.19908
Hydrogen sulfide H,S 34.082 —76.5 1.1767 0.5868 0.23839
Air N, + O, 28.963 —317.6 1.0000 0 0.23980
‘Water vapor H,O 18.014 212.0 0.6220 0 0.44401
Water (liquid) H,O 18.014 212.0 815.7 0 1.00000

The data is also available in the SI version of GPSA.



Table 0.5 Selected Properties (Sl)

Formula Mw Boiling Point (°C) SG (Relative Net Heating Value ¢, J/gm/°Q)
at Standard Pressure to Air) (MJ/SCm)
C1—Methane CH, 16.043 —161.5 0.5539 33.88 2.205
C2—Ethane C,Hg 30.070 —88.6 1.0382 60.28 1.707
C3—Propane C;Hg 44.097 —42.1 1.5226 86.25 1.627
C4—-Butane C4Hyg 58.123 n: —0.5 2.0068 n: 112.18 n: 1.654
i —11.6 i: 111.79 i: 1.619
C5—Pentane CsHi» 72.150 n: 36.1 2.4912 n: 138.12 n: 1.626
i: 27.8 i: 137.82 i: 1.609
C6—Hexane plus Various 95.514 >38 3.2979 189.05 1.538
Carbon dioxide CO, 44.010 —78.4 1.5196 0 0.834
Hydrogen sulfide H,S 34.082 —60.3 1.1767 21.86 0.998
Air N, + O, 28.963 —194.2 1.0000 0 1.000
‘Water vapor H,O 18.014 100.0 0.6220 0 1.859
Water (liquid) H,O 18.014 100.0 815.7 0 4.187
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there isn’t anything approaching a standard nomenclature, this book will
use “k”):

k=2L=—"1— = 5 3G (0.15)
o~ T cp'SG — R,

0.6.6.3 Gas Mixtures
Mixtures of gases take on the properties of the sum of the components of
the gas:

y=Zyix (0.16)

Using Eq. (0.16) you can determine the molecular weight of a mix of
gases, €.g.:

This says that the total molecular weight of the mixture is equal to
each component’s molecular weight times that component’s mole frac-
tion. We generally refer to “mole fraction” as “volume fraction” because
it is a function of the amount of space that each molecule takes up in a
mixture. Volume fraction is calculated using a “partial molar volume”
technique, but it is generally taken in our industry as being equal to mole
fraction even though volume fraction deviates from mole fraction as
compressibility varies from 1.0.

Mass fraction is the percent of the total mass represented by the mass
of a given component:

Mass fraction = ——— (0.18)

Mass fraction is used much less often that volume fraction, and using
mass fraction in most calculations will lead to wrong answers.

0.6.6.4 Including Water Vapor

Field gas always has considerable water vapor. As will be discussed in
Chapter 3, Well Dynamics, any time a gas is in contact with a coherent
gas/water interface, the water will evaporate until the relative humidity
(RH) at the surface is 100%. A very small distance from the interface, the
humidity will have decreased, but at the interface the gas is fully saturated
with water vapor. Theoretical water vapor is usually determined from a
chart called McKetta—Wehe which presents temperature on the x-axis
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and water content at 100% RH, with individual lines for pressures. If you
get a water vapor content from this graph and call it “I” then:

- -3.8068 X107*
lbm/MMSCF

Mole fraction,,zr

w _
Mwwamr + ————-3.8068 X 10 4
Ibm/MMSCF

w

- -38068Xx107*
Ibm/MMSCF

W
18.0153 + ————— 38068 X 10+  (0.19)
Ibm/MMSCF

- 23765X107°
mg/SCM

W
18.0153 4+ — 23765 X 107>
mg/SCM

This says that if water takes up 4% of the gas mixture, there is only
96% of the total remaining for the other components. In that case you
would “normalize” the analysis by:

Mole fraction; = (1 — Mole fraction,,) - Analysis mole fraction; (0.20)

This adjustment is often trivial, but it can be significant in specific
cases. For example, field gas gatherers have to provide pipeline capacity
for water vapor and rightly want to be paid for it. To aid in the calcula-
tion of “wet gas volume,” the gathering company wants to call the gas
saturated at STP instead of at field conditions. Gas will rarely be at 100%
RH, but that difference represents a small difference. The “at STP”
assumption is more problematic. If we have field gas at:

* Flowing conditions of 250 psig (1724 kPag), 100°F (38°C),
100 MSCF/day (2.83 kSCm/day), “sweet gas” as defined later.

*  Water content from the McKetta—Wehe chart (see Chapter 3: Well
Dynamics) at flowing conditions is 187.4 lbm/MMSCF (3000 mg/
SCM) or 0.39% RH.

*  Water content from the McKetta—Wehe chart at STP 1s 3080 lbm/
MMSCEF (33,300 mg/SCm) or 6.11%.

e Annual sales at $4/MMBTU
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Dry: $153,440
Saturated at flowing conditions $152,835 (—$605)
Saturated at STP $144,070 (—$9370)
Most gas producers find a cost of $605 to move 1.4 MMSCEF of water
vapor to be reasonable, and nearly $10,000 to move the same water con-
tent to be excessive.

0.6.6.5 Inherent Energy

When someone purchases a fuel they are interested in the amount of heat

that can be extracted from it. One of the fundamental parameters of a gas

is its “heat content” or “heating value.” This term comes in two flavors

(DOE):

*  Gross heating value: The energy released by a specified volume of gas
when a compound undergoes complete combustion with oxygen at
standard conditions and then cooling the exhaust gases back to a refer-
ence temperature. This value can be measured in a laboratory.

* Net heating value: Theoretical value calculated by determining the
gross heating value and deducting the latent heat of vaporization of
the mass of water condensed on cooling. This value cannot be
measured.

The net heating value while it cannot be measured is the number that
represents how much heat you can extract from a fuel in real life.
Methane has a net heating value of 909 BTU/SCF (33,800 kJ/SCm).

It 1s common in some companies to assign an arbitrary value to natural
gas of 948 BTU/SCF (35,300 kJ/SCm) and then:

« 1G] = 1 MSCF

+ 1TJ] ~ 1 MMSCF

« 1P] = 1BSCF
These conversions are generally not very accurate, but are often good

enough for everyday work (e.g., if a well produced 200 G]J yesterday and

210 GJ today, then it is doing better).

0.6.6.6 Energy Equivalents

It has become common to use the term “BOE” to mean “barrel oil
equivalent.”” The concept is to find a way to add a mass of gas to a mass
of liquid on a basis that reflects the marketplace uses of the two types of
fuels. With a large number of assumptions, you can get an average energy
contained in a barrel of crude oil as 5.8 MMBTU (1700 kW-h). With an
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additional list of assumptions, “natural gas” can be said to contain
5.642 MSCF/BOE (0.1569 kSCm/BOE).

Several producers have gone the other way and reported “gas equiva-
lent” in their annual reports. Converting the oil into a gas equivalent is
obviously the reciprocal of converting gas in to a BOE. The arithmetic is
simple, but it turns out to be beyond the ability of stock analysist
and they tend to downgrade companies that try to go this route, not
something that a rational board of directors will accept to make a point
that they are “a gas company, not an oil company.” Companies that have
tried this have generally only published gas-equivalent numbers in their
financial statements once or twice then gone back to BOE.

0.6.6.7 C6 Plus

Commercial gas chromatographs are a trade-oft between cost and func-
tionality. Most of them have the ability to identify hydrocarbon gases
through pentane (C5), but lack the processing equipment necessary to
distinguish heavier components one from the other. To accommodate not
wanting to spend the money (and training and maintenance) on the more
complex equipment, the industry has accepted that components heavier
than C5 are generally a very small proportion of any real gas and can be
represented by an “average” or “typified” value. The characteristics of
C6 + can be very difterent from lab to lab. One lab developed the data
in Table 0.6 from an extended analysis of the inlet to a specific plant on a

Table 0.6 Extended Analysis

% in Normalized MW SG Net Heating ¢, (BTU/
Sample % Value (MMBTU/ Ib-°F)
MSCF)
n-Hexane 0.049% 12.1% 10.401 0.3591 0.4474 0.04662
Other 0.155%  37.7% 32476 1.1213 1.9182 0.14330
hexanes
Heptanes 0.090% 21.9% 21.966 0.7584 1.1180 0.08428
Octanes 0.037%  9.1% 10.410 0.3594 0.5282 0.03493
Nonanes 0.013%  3.2% 4.107 0.1418 0.2079 0.01225
Decanes+  0.015%  3.7% 5.257 0.1815 0.2656 0.01411
Benzene 0.023%  5.7% 4.425 0.1528 0.2034 0.01376
Toluene 0.017%  4.2% 3.858 0.1332 0.1789 0.01089
Ethylbenzene 0.001%  0.2% 0.261 0.0090 0.0122 0.00068
Xylenes 0.009%  2.2% 2.353 0.0813 0.1099 0.00642

Total 0.410% 100.0% 95.514 3.2979 4.9898 0.36724
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specific day and have used it in millions of gas samples since then. They
periodically reassess this value and find that the relative proportions of the
various components have remained reasonably constant over time.

In this particular case, the lab determined that C6 + made up 0.410%
of the total sample. The extended analysis of that 0.410% is normalized as
discussed earlier. Multiplying the normalized percentage times an inherent
characteristic of a component yields its contribution (e.g., the MW of n-
hexane is 86.18 Ibm/Ib-mole, multiplying that times 12.1% gives you
10.401 Ibm/Ib-mole). Then adding the individual contributions gives you
the effective value of the made-up component “C6 + . If the C6 + is
0.410% of the total gas, then this typification of C6 + adds 0.39 Ibm/
Ib-mole and 0.02 MMBTU/MSCEF to the gas mixture.

[t is important to note that if you are required to report “BTEX” (i.e.,
benzene, toluene, ethylbenzene, and xylene) to a regulatory agency, it is
unacceptable to use a typified analysis to determine the BTEX emissions.

0.6.6.8 Examples of Gas Types
Throughout this book we will use examples that require a gas analysis (or
at least a specific gravity or adiabatic constant). To reduce the need for
the reader to guess what gas is being discussed, Table 0.8 gas mixtures
will be used throughout the book. When an example says “sweet gas”
then any intrinsic parameters needed will come from the “sweet gas” col-
umn of Table 0.7 (all columns use the C6 + characteristics above).

Using these mixtures, you can determine intrinsic properties for each
gas mixture (Table 0.8—0.11).

Table 0.7 Gas Compositions Example

Component Sour Gas Sweet Gas CBM (CSG)
Mole % Mole % Mole %
C1 81.02% 76.58% 92.00%
Cc2 4.00% 13.86% 0.00%
C3 2.00% 6.21% 0.00%
1-C4 0.50% 0.56% 0.00%
n-C4 1.50% 1.67% 0.00%
1-C5 0.20% 0.22% 0.00%
n-C5 0.80% 0.89% 0.00%
Co6 + 0.01% 0.01% 0.00%
H,S 2.90% 0.00% 0.00%
CO, 7.07% 0.00% 8.00%

Total 100.00% 100.00% 100.00%
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Table 0.8 Sour Gas Example

Mole Mw SG NHV ¢, (BTU/Ib/°F) k

Fraction (%) (MMBTU/MSCF)
C1 81.02 12.9980 0.4488 0.7368 0.4267 1.0591
C2 4.00 1.2028  0.0415 0.0647 0.0163 0.0477
C3 2.00 0.8819  0.0305 0.0463 0.0078 0.0226
i-C4  0.50 0.2906  0.0100 0.0150 0.0019 0.0055
n-C4 1.50 0.8718  0.0301 0.0452 0.0059 0.0164
i-C5  0.20 0.1443  0.0050 0.0074 0.0008 0.0022
n-C5 0.80 0.5772  0.0199 0.0297 0.0031 0.0086
C6+ 0.01 0.0096  0.0004 0.0005 0.0000 0.0001
H,S  2.90 0.9884 0.0341 0.0170 0.0069 0.0384
CO, 7.07 3.1115  0.1074 -— 0.0141 0.0914

100 21.0762 0.7278 0.9265 0.4836 1.2921
Table 0.9 Sweet Gas Example

Mole Mw SG NHV ¢, (BTU/Ib/°F) k

Fraction (%) (MMBTU/MSCF)
C1 76.58 12.2857 0.4242 0.6964 0.4033 1.0011
Cc2 13.86 4.1677 0.1439 0.2242 0.0565 0.1654
C3 6.21 2.7384 0.0946 0.1438 0.0241 0.0702
i-C4 0.56 0.3255 0.0112 0.0168 0.0022 0.0061
n-C4 1.67 0.9707 0.0335 0.0503 0.0066 0.0183
i-C5 0.22 0.1587 0.0055 0.0081 0.0008 0.0024
n-C5 0.89 0.6421 0.0222 0.0330 0.0035 0.0096
C6 + 0.01 0.0096 0.0004 0.0005 0.0000 0.0001
H,S 0.00 — — — — —
CO, 0.00 — — - - —

100.00 21.2984 0.7355 1.1731 0.4971 1.2732
Table 0.10 CBM Example

Mole Mw SG NHV cp (BTU/Ib/°F) k

Fraction (%) (MMBTU/ MSCF)
C1 92.00 14.7596 0.5096 0.8366 0.4846 1.2027
C2 0.00 — — — — —
C3 0.00 — — — — —
i-C4 0.00 — - — - —
n-C4 0.00 — - — - —
i-C5 0.00 — — — — —
n-C5 0.00 — - — - —
C6 + 0.00 — - — - —
H2S 0.00 — — — — —
CO2 8.00 3.5208 0.1216 — 0.0159 0.1034

100.00 18.2804 0.6312 0.8366 0.5005 1.3061
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Table 0.11 Various Nondimensional Numbers

Nondimensional Forces Equations
Parameter
- 3 —
Reynolds number Inertial forces/viscous forces Re= 2V Lotwaersic
I
Weber number Inertial forces/interfacial tension We = £ Loaracterisic
Mach number Velocity/sonic velocity M= -t
conic
Euler number Pressure forces/inertial forces Eu= %
Cavitation number  Distance from vapor pressure/ Ca= M
kinetic energy ORI
Froude number Flow inertia/body forces Fr= —t—
characteristic " &
Strouhal number Vortex shedding frequency/velocity gy = Juones shediing Lohaacrsic
v

0.7 TOPICS IN FLUID MECHANICS

This is not a fluid mechanics textbook. In a fluid mechanics course
we have to pretend that 6v/8f has meaning even if we do not have an equa-
tion for the change in velocity with respect to time to differentiate, and
even when nonlinear, second-order differential equation really doesn’t have
much usefulness to a practical engineer. The number of fluid mechanics
equations that have a closed-form solution is miniscule, and few field engi-
neers have access to (or the time to master) the tools of converting second-
order, nonlinear partial differential equations into answers that can impact
real-time decisions. In a fluid mechanics course we also spend considerable
time proving that if we actually knew any useful equations for dv/dp we
could do such fine, fair, and wonderful things. As an academic exercise,
fluid mechanics is a fascinating subject for study and I am glad that I've had
the opportunity to study it both as an undergraduate and in graduate
school, but not many practical tools have come directly from it.

This book is about doing a good-enough job of describing and under-
standing physical phenomena that we can reach useful, informed deci-
sions. Consequently, most of this book will be empirical equations rather
than closed-form equations, and for the few closed-form equations that
exist we’ll explore the simplifying assumptions that were required to get
from the general to the specific. We are not going to derive much.

This book tries very diligently to be clear on terms. When the word
“fluid” is used, you should expect to be talking about “a substance
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without a fixed shape that can persist under mild external forces,” which
would include gases, liquids, emulsions, and other non-Newtonian sub-
stances that do not have a fixed shape that will persist under mild external
forces. When it says “liquid” it means a fluid that will exhibit a coherent
gas—liquid boundary. When it says “gas” it means a fluid that will expand
to the three-dimensional limits of a container. It is very common in artifi-
cial lift and deliquification (Chapter 3: Well Dynamics) to interchange the
words “liquid” and “fluid” which is imprecise and often quite wrong.
This book tries to avoid interchanging these words, but the usage in that
field is so pervasive that it can be hard to identify where you are making
that particular mistake. If I missed any places where I said “fluid” and
meant “liquid” please forgive me and know that it was not intentional.

Virtually all of the liquids that nonengineers work with are
Newtonian. A Newtonian fluid is a fluid that exhibits linear stress—strain
relationships. This means that if a stress is applied to the fluid, regardless
of starting stress, the fluid will exhibit a displacement proportional to the
applied stress. In other words an unconstrained (i.e., it has some place to
go when you apply stress) Newtonian fluid does not have the ability to
withstand imposed stresses. A Newtonian fluid constrained in three
dimensions will have a very different stress—strain relationship, but that is
due to the constraining material, not inherent to the fluid.

Conversely, non-Newtonian fluids have a nonlinear stress—strain rela-
tionship. Examples of non-Newtonian fluids are things like toothpaste and
paint where it takes more applied stress to start the fluid flowing than it
takes to keep the fluid flowing after it starts. In Oil & Gas we have to be
more concerned about non-Newtonian fluids than most engineers. Paraffin
(when it is not a solid), fluids with high levels of paraffin or asphaltene, and
many emulsions and foams exhibit nonlinear stress—strain relationships and
predicting pressure drops (for example) of any of these fluids can be very
tricky. For example, diesel has a very high paraffin content and at laminar
flow rates and/or at lower temperatures will often be “hard to pump,” in
that it takes more energy to start it flowing than to keep it flowing. When
you get into the turbulent region (see Moody diagram in Chapter 4:
Surface Engineering Concepts), it starts acting like a Newtonian fluid and
our standard equations effectively represent field data.

0.7.1 Statics

“Fluid statics” is the study of fluids at rest or in constant motion in the
absence of viscous drag.
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The basic equation of is shown in Eq. (0.21):
Ppottom = Pg h+ (Pimposed + Patm) (021>

If we are talking about the pressure at the bottom of a lake then P,
is zero. If we are talking about the pressure at the bottom of a well-bore
then P, 1s flowing tubing pressure (in gauge). In either case, you only
add atmospheric pressure once. In fps units, density is in Ibm/unit-volume
and the answer has to be in Ibf/unit-area so in fps units (Eq. (0.22)):

Pottom = P g “h+ (Pr'mposed + Patm) (022>

While the force per unit area that a column of fluid exerts is only a

function of height, the weight of the column is very much dependent on
the volume of fluid in the column (Eq. (0.23)):

W=pgV (0.23)

This can be important if you are looking at structural supports for above-
ground piping or vessels. It is very important if you have to lift the column
of liquid. For gases, it is less likely to be a major factor, and it is often reason-
able to ignore the first term in Eq. (0.22) (if you don’t ignore it, then you
need a relationship for density vs pressure, see Chapter 3: Well Dynamics).

0.7.1.1 Buoyancy

Buoyancy is a static vertical force on a substance submerged in a fluid. If
the mass of the displaced fluid is greater than the mass of the submerged
substance, then the submerged substance will try to rise. This why a ship
that weighs thousands of tonne can float, it displaces more liquid than it
weighs. When we talk about droplets in Chapter 3, Well Dynamics, the
size of the droplet will determine whether the liquid will be buoyant in
the light gas. If the droplet is large then it displaces a smaller mass of gas
than it contains and it falls. If the droplet is small, then it displaces a mass
of gas that is near to the droplet mass and the droplet tends to remain in
suspension for a time. Buoyant forces are often necessary to explain why
things happen in facilities the way they do.

0.7.2 Dynamics

Fluid dynamics describes every possible influence on a flow stream,
including;:

* pressure;
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* temperature;

* body forces (like gravity and magnetic attraction/repulsion);
e friction;

e rotation;

* compression and expansion.

Every force can be a function of time, point of reference, an intrinsic
property of the fluid, or an extrinsic property of the fluid. When you put
all the forces into all the proper relationships, the result shown in
Eq. (0.24) 1s kind of messy.

0.7.2.1 Navier—Stokes Equation

French engineer Claude-Louis Navier first proposed a series of equations
that represent fluid dynamics in 1822. In 1845, Irish mathematician-
physicist George Gabriel Stokes redeveloped this equation that now car-
ries the name “Navier—Stokes equation.” One representation of the
expansion of the Navier—Stokes equation is shown in Eq. (0.24).
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Every term in Eq. (0.24) represents a function. Something like velocity

[T

in the “x” direction (

9

u” in Eq. (0.24)) will have an equation that is time

9

dependent, another equation that is dependent on position down the “x
direction, another equation for the “y” direction, and a fourth equation
for the “z” direction. All may be material. If you were able to resolve all of
the variables into equations for each parameter for a specific flow, then it
would likely be worthless for the next flow pattern you want to analyze.

Many people have worked on a closed-form solution to
Navier—Stokes, and there is a $1 million USD bounty for anyone who
can develop a general solution. In spite of many close calls (the latest in
2006 and 2014), the prize remains unclaimed.

There have been a few useful special cases that throw out the hard
terms, but they tend to have so many simplifying assumptions that they

lack universal applicability.

0.7.2.2 Bernoulli Equation

If you start with the assumption that the flow is:

* inviscid (i.e., viscosity and friction are zero);

* incompressible;

* irrotational (neither vorticity or rigid body rotation);

* reversible;

e isothermal;

* isentropic (flow not a function of position);

* adiabatic (no heat is gained from or lost to the environment);

* there is no work done on or by the fluid;

* no fluid is added or removed from the control volume being
investigated.
Then you can reduce Eq. (0.24) to Eq. (0.25):

o 12
— + p g h+ Py = constant (0.25)

We’ve assumed that density is constant (i.e., the flow is incompress-
ible), so this equation for two points in the same control volume (e.g.,
pipe, conduit, section of atmospheric air surrounding a moving body),

then Eq. (0.25) becomes Eq. (0.26).

2 )
pTV +p'g'h+pstatl(= pTV +p'g'h+psmtic
(0.26)

g'(’/f —v3)+pg (i —h) =P, =P
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If you can pick a control volume where the two reference heights are
equal, then Eq. (0.26) relates a static pressure change to the change in the
square of velocity (the velocity term is referred to as “dynamic pressure”
in Eq. (0.27)). This turns out to be quite useful. The square-edged-
orifice flow-measurement equations (Chapter 5: Well-Site Equipment)
started with Bernoulli’s equation. This equation describes why airplanes
can fly. It allows HVAC engineers to predict flow in ducts.

Bernoulli’s equation is not Navier—Stokes. It cannot have friction, so
it is limited to small control volumes. It can’t have changes in density. It
can’t have rotation. It can’t have heat loss/gain. If you satisfy all of the
assumptions then it can yield amazing results. If you don't satisfy all of the
assumptions then you get numbers.

Many of the current generation of fluid mechanics texts include an
abomination called the “modified Bernoulli equation.” This equation pur-
ports to take the Bernoulli equation and scab a “friction loss” term onto the
end of it. Nonsense. You cannot derive the Bernoulli equation if you can’t
eliminate all of the terms involving friction, or flow changes with regard to
density or position. The assumptions allow you to discard fully half of the
terms in Navier—Stokes and pretty much all of the really hard ones. Then
to come back after the fact and add a friction term is just foolishness.

0.7.2.3 No-Flow Boundary

The fluid molecules that touch a foreign substance (i.e., a solid or another
phase of fluid or another species of fluid) must have the same velocity as the
foreign substance. The easiest example of this is a fluid flowing within a
pipe. The fluid will create a “boundary layer” of some nonzero thickness
that will have a velocity gradient ranging (more or less as a straight line)
from zero at the pipe wall to some small velocity at the edge of the boundary
layer. The bulk of the flow will also have a velocity gradient from a mini-
mum at the edge of the boundary layer to a maximum in the centerline of
the pipe (Fig. 0.1).

The no-flow boundary may be (and is) physically small, but it is cru-
cial to understanding flow. For example, without this concept, it would
be impossible to explain why a flowing gas stream can transport a liquid
droplet or how a jet pump works.

0.7.2.4 Similitude
Fluid mechanics has a concept called “similitude” that says that if you can
define a ratio of forces that can be resolved to a nondimensional
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Figure 0.1 Turbulent flow profile.

parameter, then any system with the same value for that nondimensional
parameter as a model of that system would have similar responses to
external forces. It is generally required to have more than one of the non-
dimensional parameters match before conclusions based on a model can
be thought to be reliably representative of a full system. Some of the
more common nondimensional parameters are given in Table 0.11

0.7.3 Pressure and Temperature Measurement

Every subject we discuss in Oil & Gas has pressure and temperature lurk-
ing somewhere in the conversation. We cannot measure either one of
them directly, but there are surrogates that provide very reliable indica-
tions of their values. The change in volume of many substances is linear
with regard to temperature change over a specified range, so a mercury
thermometer can be put into a calibrated glass tube and give us a simple
instrument that reflects temperature, but we can’t “measure” temperature.
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Pressure is even harder to measure. The most common instrument is a
Bourdon tube (Fig. 0.2) where a bent tube is connected to gears through
a rack and pinion arrangement connected to a dial indicator. As pressure
increases, the tube tries to straighten, rotating the dial toward a higher
pressure and vice versa. This pressure indicator is only measuring a part
of the total “pressure,” the “static pressure,” but there are two other com-
ponents to total pressure (“dynamic pressure” and “hydrostatic pressure”)
that a Bourdon tube cannot react to.

The gauge in Fig. 0.3 is called a “test gauge.” The thin silver circle
that goes all the way around the gauge is a mirror. The end of the indica-
tor needle is rotated to perpendicular with the face of the gauge and
when you position your eye such that you cannot see a reflection of the
needle, then you can read the proper pressure without a parallax error
(i.e., a displacement in the apparent position of an object viewed along
two different lines of site, a major cause of gauge-reading errors).

There is a rule for reading any gauge, but especially a test gauge: You
can only interpolate to the midpoint between the smallest increments. So
in the gage in Fig. 0.3, the pressure is 57 psig, not 57.1 or 57.2. If the
pressure were a little higher then you would have to decide if it is 57,

Figure 0.2 Bourdon tube pressure gauge.
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Figure 0.3 Analog gauge parallax.

57.5, or 58, but it is never 57.3. If you need to differentiate 57.3 from
57.4, then you need a gauge marked in 0.1 psi increments. Pressure
gauges can only give you static pressure above atmospheric pressure (i.e.,
psig, kPag, or barg), not absolute pressure (i.e., psia, kPaa, or bara).
Occasionally a clever measurement tech will shift the face of a gauge so
that when it is depressurized it reads some value other than zero which is
purported to be local atmospheric pressure—it almost never is actually
local atmospheric pressure and this is a horrible practice.

0.7.4 Total Pressure

Total pressure is made up of three components:

Pioar = deanmnif + Pgric T Phydrastatic
2
-

pﬂowingFluid v (027)

Pt = + Poaric + pﬂm’dMixAhove & h

Within a system of incompressible fluids flowing at low velocities,
total pressure must remain a constant over short distances. Systems flow-
ing at a significant fraction of the speed of sound (i.e., something over
30% of sonic velocity) will not have a constant total pressure, but those
cases are uncommon enough to generally start with the assumption that
total pressure is constant over short distances.

For a system at rest in effectively still air, the Py, g 18 local atmospheric
pressure and the total pressure 15 Pyaic T Pagnospheric
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0.7.5 Pressure Continuum

In field operations it is common to talk about “high pressure” or “low
pressure” and typically these terms are relative to some value that is clear
in the speaker’s mind, but not communicated in the current discussion.
This often leads to suboptimal decisions or poor understanding of the
issues.

While doing work on evaporation, three distinctly different regions
on the plot were noted (Fig. 0.4).

It appears that above 145 psia (10 bara), this particular data could be
reasonably represented as a straight line. It is also clear that below
43.5 psia (3 bara) the high-pressure straight line had no relationship to the
data and in fact no straight line would do an adequate job of representing
the data. Between these two points was a transition region that matched a
straight line better than the low-pressure region, but still not very well. I
found this to be intriguing and generated a number of plots including
“entropy vs pressure,” and “pipe performance vs pressure.” All of the data
reviewed could be divided into the three categories we saw with the
evaporation data with the lines in the same places. The result was:

* >145psia (10 bara) — High pressure. Equations developed for oil-
fields tend to work very well, it is usually safe to ignore evaporation,
and dehydration can be a reasonable process.

100.0

10.0

bbl/mmecf

i \

0.1
- 29 58 87 116 145 174 203 232 261 290

psia

Figure 0.4 Water content vs pressure.
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e 43.5psia (3 bara) to 145 psia (10 bara) — Normal pressures. Error
band on oilfield equations tends to increase, ignoring evaporation has
higher risk, dehydration becomes less eftective.

+ < 435psia (3bara) — Low pressures. Traditional equations range
from “mostly useless” to “misleading,” evaporation represents a major
challenge to all equipment performance and must be considered in
any facilities decision, the amount of water in the gas makes dehydra-
tion too expensive to be considered (the problem is the mass of water
that must be cooked out of the dehydration media in the recharge
step becomes too large for reasonably sized equipment and fuel load,
see Chapter 9, Interface to Plants, for a discussion).

There are other changes that can occur at very high pressure (probably
above 10,000 psia (70,000 kPaa)), but environments with that magnitude
of pressure should not be managed via rules of thumb.

g 0.8 STANDARD CONDITIONS

It is often useful to pretend that a gas is at a constant temperature
and pressure as it moves through various processes. It is very important to
keep in mind that the pressures and temperatures you are pretending the
gas is at are simply a fantasy that does not control the physical forces and
reactions on or of the gas. For example, if you calculate a gas velocity by
dividing a volume flow rate at standard conditions by the flow area, you
will get a number. You should be aware that the number you get will
have velocity units, but will not represent any velocity that actually exists
in the world. Consequently this book will never cancel ft* with SCF or
vice versa. SCF is an imaginary unit and ft is a physical unit.

The fantasy conditions that industry uses are called “standard tempera-
ture and pressure (STP).” This is an unfortunate term because the exact
values for pressure and temperature in the fantasy world are anything but
“standard.” Table 0.12 has a sampling (far from complete, see Wikipedia,
3, for a longer list that is still far from complete) of some of the values
that are regularly used for STP.

The reader might assume that I don’t approve of reporting gas at stan-
dard conditions and nothing could be further from the truth. Using vol-
ume flow rates at standard conditions (for purposes of this discussion we
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Table 0.12 Selection of STP Definitions

Pressure Temperature
Undergrad Chemistry Texts 14.696 psia (101.325 kPaa)  60°F (15.56°C)
Gas Measurement (USA) 14.73 psia (101.56 kPaa) 60°F (15.56°C)
EPA Reporting 14.696 psia (101.325 kPaa)  20°C (68°F)
NM and LA State Reporting 15.025 psia (103.59 kPaa) 60°F (15.56°C)
ISO 101.33 kPaa (14.696 psia) 0°C (32°F)
Gas Measurement (Europe) 100.0 kPaa (14.5 psia) 15°C (59°F)

Gas Measurement (Queensland)  101.325 kPaa (14.696 psia)  15°C (59°F)

will call that “SCF”) is an elegant solution to the complementary pro-
blems of: (1) we do not have a way to measure mass flow rate (see
Chapter 5, Well-Site Equipment, for a discussion); and (2) volume flow
rate at actual conditions varies widely for the same mass flow rate at vary-
ing pressures and temperatures. Using SCF per unit time solves both of
these problems nicely: (1) we have instruments that can infer a volume
flow rate from parameters that we can measure; and (2) SCF remains con-
stant (for a given mass flow rate) across any range of pressure and temper-
ature. Using SCF is a fantastic solution to the requirement to do
commerce at varying pressures (e.g., as a homeowner you purchase 100
SCF of gas delivered at a pressure of 15 psia, the molecules that made up
your delivery left a processing plant at 1000 psia, and they might have left
the gas well at 50 psia, it is the same number of molecules and it is the
same 100 SCEF in all three cases). SCF can be called “a surrogate for mass
flow rate” because, like mass flow rate, a fixed number of gas molecules
are contained in a given delivery unit (i.e., lbm or SCF).

Volume flow rate at standard conditions is a useful tool, as long as
there is communication. Just because a government regulator defines
“standard pressure” as 15.025 psia (103.59 kPaa) that only means that
when you report to that bureau you have to pretend your gas was at
15.025 psia (103.59 kPaa) instead of pretending another value. Your deliv-
ery contract may specify that “standard pressure” is 14.73 psia
(101.56 kPaa) (which is very common). At the same time you may be
subject to extracting flow data from a corporate database that defines
“standard pressure” as 14.5 psia (100 kPaa). It is incumbent on the user of
flow data to know: (1) how the data is stored; (2) what fantasy value is
required; and (3) how to convert from one to the other. The last item is
pretty easy if you take care. We know that if we don’t add or remove
fluids from an enclosed system, mass flow rate must be the same
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everywhere. We also know that mass flow rate is product of volume flow
rate and density, so use the relationship in Eq. (0.28):

. ) P
H=qip =g Py 2= 4 (0.28)

P2
This says that to change from any pressure and temperature to any
other pressure and temperature, divide the old mass flow rate by the new
density. Looking at Eq. (0.28) you can see that many of the terms can be

canceled (Eq. (0.29)).

( i ) P, T, Z

pl Rt Tl 74 1 2 2

= P . — - .. _ = 0.29

@2 =q ’, Qi 7( oSG ) BT 7 (0.29)
Ruy 122

For any conversion from one version of STP to another, the compress-
ibility will cancel. If the temperature is close enough it will also cancel. For
nonfinancial purposes, this calculation can usually be reduced to Eq. (0.30):

R=q — (0.30)

If we wanted to convert 100 MSCF/day from STP of 14.73 psia and
60°F to 14.5 psia at 59°F we would do the calculation in Eq. (0.31).

MSCF 14.73-psia 519.63R 0.997533 MSCF
q15.025 = 100~ : — : =101.393-
day  14.5-psia 518.63R 0.997510 day
— 100- MSCF 14.73-psia _ 101.586- MSCF
115025 day  14.5-psia ) day
(0.31)

You have to decide if your calculation can handle a 0.19% error or
not (most can, some can’t).

You cannot use SCF to calculate physical properties (such as velocity).
To calculate physical properties of a gas flow, you must convert the volume
flow rate from imaginary flow rates to actual, physical flow rates using the
technique in Eq. (0.29) or (0.30) before starting on further calculations.

E 0.9 EMPIRICAL EQUATIONS

Empirical equations take advantage of coincidences in a physical
phenomenon that can be exploited. For example, if you are interested in
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knowing how much water will be needed to fill a pipeline for a hydro-
static pressure test, you can calculate the volume by Eq. (0.32).

m 2
V= (Z) ID?Len (0.32)

Since we would typically source the water in “barrels,” and this equation
would yield inch® times feet and would need to some unit conversions

(Eq. (0.33)).
™ ft? bbl

V= (—)-ID “Len- — : (0.33)
4 144-in 5.61 ft

If we fix the length at 1000 ft, then the constants and unit conversions
resolve to 0.9722~ 1.0 and Eq. (0.33) can be approximated as Eq. (0.34).

D\’
Vibi_per_1000fc = (—> (0.34)
in

Notice a crucial element of empirical equations—they only “work”
with exactly one set of units. Using Eq. (0.34), it is easy to estimate that
youll need 144 bbl (22.9 m®) of water to fill 1000 ft (304 m) of 12in
(DN 300) ID pipe (Eq. (0.33) gives you 139.9bbl (22.24 m%), so
Eq. (0.34) allows some extra for partially filled trucks and spillage), but
what if you input millimeters and meters into the equation? The answer
is not so simple (Eq. (0.35)).

Ve = (304.8-mm) = 92416-272? (0.35)

Squaring the ID gives you a number, but what the heck does it mean?
Let us look at an SI version of Eq. (0.33).

™ m™ (304.8-mm)’ 5
V=<Z>-ID 'Lenm=<Z>' O 3048 m =22.24-m

mm 1000 mm
m

(0.36)

If the length is fixed at 1000 ft (304.8 m) then you can collapse all of
the non-ID terms into 0.0002394, but so what? This is not a memorable
number and it is much easier to just use the actual calculation. In the field,
a person has a chance of successfully squaring “12” and multiplying it by
the number of 1000 ft increments in the line in their head. Most of us have
no chance of being able to successfully determine how many 304.8 m
increments there are, let alone squaring a three digit number and
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multiplying it by an awkward constant without a calculator. This equation
in millimeters would be far worse than using the actual volume calculation.

This trivial example is important because Oil & Gas is full of empiri-
cal equations, and every one of them only works with exactly one set of
units. An equation that works with 22% input as 22.0 will not work with
22% input as 0.22 (regardless of how “correct” 0.22 is and how “incor-
rect” 22.0 is). An equation that wants length in miles will not work with
length in meters, kilometers, or feet. Often the units defy a logical expla-
nation. Fine. Don’t try to find logic, just use the equation with the units
that take advantage of the coincidence.

Any equation that contains a numerical constant that is not a small
integer or a physical constant (e.g., ™ or the ideal gas constant) is likely an
empirical equation and requires a precisely defined set of units.

Another important telltale is when units don’t cancel within a term that
is then raised to a noninteger exponent (or a logarithm or included in a term
that is used as an exponent). Look at Eq. (0.11) (reproduced as Eq. (0.37)).

h
0.01875-SG* —
ft

_ top .
Pbot B pSl eXP Tavg .7
R L (0.37)
i i ft
S1 = pS1-ex —_
P P P R

There is no way to take an exponent of a “ft/R” That is a dead
giveaway that this is not a closed-form equation, but an empirical equation.
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NOMENCLATURE
Symbol Name fps Units Sl Units
I Specific heat at constant pressure BTU/Ibm/R J/gm/K
¢ Specific heat at constant volume BTU/Ibm/R J/gm/K
Joortex: shedding The frequency that von Karman decimal decimal
Streets are shed around a bluff
body in flow
g Gravitational constant 32.174 ft/s” 9.81 m/s”
< Unit converter 32.174 ft-lbm/ N/A
s*-Ibf (for now)
h Height ft m
1D Inside diameter in mm
k Adiabatic constant (¢,/c,) None None
Len Length ft m
Lijaracterisic  Some length related to an ft m
analysis, can be OD, length,
hydraulic diameter, etc.
m Mass Ibm kg
1 Mass flow rate Ibm/s kg/s
MW Molecular weight Ibm/Ib-mole gm/gm-mole
MW,;, Molecular weight of air 28.962 1b/ 28.962 gm/
Ib-mole gm-mole
n Number of moles
P Pressure psia Paa, bara
Pyopor Vapor pressure of a component psia Paa, bara
of a liquid
q Volume flow rate at standard SCF/day SCm/day
conditions
R Universal gas constant 1545.3 ft*lbt/  8.314 J/K/
R/Ib-mole mole
R, Specific gas constant for air 53.355 ftxIbf/  287.068 J/
R/lbm K/kg
R4 Specific gas constant for any Rir/SGas Rir/SGas
specified gas
SG Specific gravity None None
v Velocity ft/s m/s
Vsonic Sonic velocity ft/s m/s
|4 Volume ft’ m’
|4 Volume flow rate at actual ft'/s m’/s

conditions

(Continued)
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(Continued)

Symbol Name fps Units SI Units

w Water vapor in a gas Ibm/MMSCF  mg/SCm

w Weight Ibf N

x Mole fraction of a component None None
in a mixture

y Any intrinsic property of a Various Various
element or compound
(e.g., specific heat at constant
pressure)

Z Compressibility None None

p Density Ibm/ft’ kg/m’

o Interfacial tension cP Pa X

Subscripts

ASL Above sea level

atm Atmospheric

gas Variable is referring to the gaseous phase

1 Array counter

liquid Variable is referring to the liquid phase

SI Metric version of equation

std Indicates variable is at standard conditions

unit Indicates variable may be in nonstandard units

water Variable is referring to the characteristics of pure water at
atmospheric pressure and 60°F (15.6°C)

1 Upstream conditions, or first state

2 Downstream conditions, or second state

UNITS

Symbol Name Type Unit Equivalent Unit

bbl Barrel (42 US gallons) fps—volume 0.1590 m’

BTU British thermal unit fps—energy 1.055 k]

°C Celsius SI—temperature ~ °C*9/5 + 32 =°F

cm Centimeter SI—length 0.394 in

cm’ Square centimeters SI—area 0.155 in”

dyne Dyne SI—force 2.248E — 6 Ibf

(Continued)
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(Continued)

Symbol Name Type Unit Equivalent Unit
°F Fahrenheit fps—temperature  (°F — 32)*5/9 =°C
ft Foot fps—length 0.3048 m
ft* Square feet fps—area 0.0929 m*
ft’ Cubic feet fps—volume 0.02832 m”
gm-mole  Gram mole (mass of one ~ SI—molar mass  lb-mole
mole of gas)
in Inch fps—length 25.4 mm
in’ Square inches fps—area 0.000645 m>
] Joule SI—energy 947.8E — 6 BTU
K Kelvin (°C +273.15) SI—temperature ~ R*5/9 =K
kg Kilogram SI—mass 2.205 Ibm
km Kilometer SI—length 3281 ft
Ibf Pounds force fps—force 4.448 N
Ibm Pounds mass fps—mass 0.454 kg
Ib-mole ~ Pound mole (mass of one fps—molar mass  gm-mole
mole of gas)
mm Millimeter SI—length 0.0393 in
m Meter SI—length 3.281 ft
m Square meters SI—area 10.764 ft*
m Cubic meters SI—volume 35.314 ft’
N Newton SI—force 0.225 Ibf
R Rankine (°F + 459.67) fps—temperature K*5/9 =R
s Second all—time
SCF Standard cubic feet fps—volume 0.283 SCm
SCm Standard cubic meters SI—volume 35.314 SCF

Unit Prefixes

mTHO ZA O H®mZZ
<

tps—Thousand, oilfield prefix = 1000
fps—Million, oilfield prefix = 10°
fps—Billion, oilfield prefix = 10’
fps—Trillion, oilfield prefix = 10'* (duplicates an SI unit, but both

have the same magnitude)

SI—kilo, 10°

SI—Mega, 10° (limited use in this book due to confusion with

oilfield units)
SI—Giga, 10’
SI—Tera, 102
SI—Peta, 10"
SI—Exa, 10'®
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EXERCISES

1. An upthrust fault connected three isolated reservoirs (Fig. 0.5) some-
time in a past epoch and the sour gas mixed with the sweet and CBM
gas. The geologists say the contribution to the reservoir was:

* CBM—3%%
*  Sweet gas—46%
*  Sour gas—15%
Using the example gas analyses in this chapter, find:
*  H,S fraction
* Gas SG
*  Net heating value
* Adiabatic constant (k)

2. We drill into the “mixed” formation in Fig. 0.5 and find the gas analysis
in Table 0.13. Using the sample analyses in this chapter, what portion of
the discovered gas must have come from each of the three formations?

3. The dark sections of Fig. 0.6 represent a 1.07 SG liquid. The interme-
diate section between point “2” and point “3” is trapped air. Assume
that atmospheric pressure is 12.0 psia. Find:

Figure 0.5 Downhole gas mixture.
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Table 0.13 Gas Analysis for Mixed Formation

Mole Fraction (%) MW SG k
C1 85.0448 13.64 0.4711 1.1118
Cc2 5.2538 1.58 0.0545 0.0627
C3 2.3893 1.05 0.0364 0.0270
i-C4 0.2698 0.16 0.0054 0.0030
n-C4 0.8061 0.47 0.0162 0.0088
i-C5 0.1066 0.08 0.0027 0.0011
n-C5 0.4297 0.31 0.0107 0.0046
C6 + 0.0050 0.00 0.0002 0.0001
H,S 0.4930 0.17 0.0058 0.0065
CO, 5.2019 2.29 0.0790 0.0673

100 19.75 0.6820 1.2929

Figure 0.6 Manometer exercise.

Height of forth leg

Pressure in intermediate section

4. A pipe has a venturi in an airstream (Fig. 0.7). Pressure at Py is
100 psia (689 kPaa). Pressure at P, is 97 psia (669 kPaa). The air is

isothermal at 80°F (26.7°C). Find:

Change in velocity between the plane of instrument P; and P,

State the assumptions required to evaluate this flow

5. A company has gas production in several countries (Table 0.14) and

their home country requires worldwide production to be aggregated
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Pz Pl *
AN,

Figure 0.7 Venturi meter.

Table 0.14 Production by Company

Country Pressure Base Temperature Base Reported Rate
Australia 101.325 kPaa 15°C 21,662 e3m>/ day
United Kingdom 101.5 kPaa 0°C 29.7 Mm’/day
United States 14.73 psia 60°F 2.7 MMSCEF/day

into a single volume stated in kSCm/day at 100 kPaa (14.5 psia) and

15°C (59°F). Find:

* Aggregated gas volume

*  Error that would be exhibited if you assumed that every country
used your home country’s values for “standard”

6. While blowing down an air receiver, the air in the tail pipe reached a
velocity of 1139 ft/s (347.2 m/s) at a pressure of 264 psia (1.82 MPaa)
and a temperature of 80°F (26.7°C). If atmospheric pressure is
12 psia, what is the total pressure?



CHAPTER ONE

Gas Reservoirs

Simpson’s First Postulate: Every activity, joint of pipe, piece of
equipment, and facility should have the goal of maximizing reservoir
profitability—any activity which ignores that goal is going to result in

sub-optimum performance.
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1.1 SOURCE OF HYDROCARBONS

The Oil & Gas industry has always considered hydrocarbons as
being biogenic (i.e., produced by living organisms) and it is certain that
some proportion of the hydrocarbons recovered from wells is biogenic.

However, the idea that hydrocarbons can be formed in the core of the
earth and migrate through the mantle has been gaining a resurgence in
acceptance. This abiotic (i.e., not derived from organisms) gas and oil
would provide some unknown quantity of supplemental hydrocarbons
that would have a potential for recovery and commercialization.

Exactly what that quantity would be requires some in-depth analysis.

1.1.1 Recoverable hydrocarbons explained

Recoverable hydrocarbons must first be hydrocarbons, then they must be
located in a rock stratum that allows them to be stored. Finally, there
must be some sort of containment to keep them from leaking out of the
storage strata.

In the Oil & Gas industry, we call these entities “source rock,” “reser-
voir rock,” and “cap rock” (Fig. 1.1). Once a reservoir is delineated by
having a source, a reservoir, and a containment, it requires a flow path to
an outlet. Most of the time this flow path takes the hydrocarbons around
the edges of the cap rock and they leak to the surface of the earth.

Occasionally, the cap rock has an effective seal on the reservoir. When
the Oil & Gas industry comes along and drills a well and stimulates the
reservoir, the flow path becomes a commercial transaction—this is the
reason that the Oil & Gas industry exists.

= Migration
Source rock g

Figure 1.1 Source rock, reservoir rock, and cap rock.
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1.1.2 Biotic hydrocarbons

The total amount of carbon that is tied up within living biological mate-
rial on the earth is about 4 trillion metric tons (tonne, 4.4 trillion US
tons). Something like 105 billion tonne of carbon are discarded by their
living host each year (Wikipedia, 1, 2016)—the leaves of deciduous trees
fall to the ground each autumn, some number of animals, plants, bacteria,
and viruses die each year, all organisms emit some amount of solid, liquid,
and gaseous waste, and so on.

This carbon will eventually become CO, and water vapor in an aero-
bic environment and mostly CH, in an anaerobic environment. The dis-
carded biomass is approximately equally divided between land and sea.

Aerobic decomposition is exothermic and tends to be fairly rapid (i.e.,
from the onset of decomposition to a sterile, carbon-free mass takes weeks
or months) and is largely free of the worst odors. Aerobic decomposition
converts the carbon in the waste material to CO, and H,O.

Anaerobic decomposition is endothermic, much slower and very
smelly. It can take hundreds or thousands of years for an undisturbed
anaerobic process to run to completion. The time required is largely a
function of the energy input to the process. Anaerobic decomposition
converts the carbon in the waste material to CH4 and amounts of CO,
and H,O limited by available oxygen.

It is common for decomposing organic material to accumulate on the
seafloor away from thermal vents and begin the decomposition process at
very low energy input. While the mass is decomposing it sometimes hap-
pens that a storm event or a seismic event will cover the biomass with sand.
Above the sand over many years, more organic material will collect that
can eventually turn into shale which is one of the most common cap rocks.

Now we have a source, a reservoir, and a containment. Over millions
of years, the methane product of decomposition can be converted
through the application of heat and pressure into heavier hydrocarbons.
The sealed volume can move upward or downward or it can tip (usually
allowing the hydrocarbons to spill out of the reservoir, but not always)
due to tectonic and seismic activity.

There is no competent theory to allow prediction of the proportion
of biomass that will be subject to anaerobic decomposition. We can make
some (arbitrary, but conservative) assumptions about the proportions:

* At least 1% of the biomass on land undergoes anaerobic decomposi-
tion (this includes human sanitary landfills, lakes, and wetlands, and in
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the stomachs of many animals and insects). One percent of half of 105
billion tonne per year is 0.525 billion tonne of carbon per year sub-
jected to anaerobic decomposition.

* If we assume that 50% of the biomass in the sea is subjected to anaero-
bic decomposition, half of half 105 billion tonne per year is 26.25 bil-
lion tonne per year.

*  With these assumptions, 26.775 billion tonne of carbon are converted
to methane each year through anaerobic decomposition. Adding four
molecules of hydrogen to every molecule of carbon gives us 35.7 bil-
lion tonne of methane per year.

* The density of methane is 0.042 Ibm/SCE so 35.7 billion tonne per
year is 5 TSCF/day.

*  World natural gas production (EIA, 2016) by the Oil & Gas industry
in 2014 was 0.332 TSCEF/day.

Virtually all of this biotic methane will escape to the atmosphere or be
consumed by microbes, but some will be trapped by sediments. Again,
there is no competent theory to allow a reasonably accurate method of
determining the mix of trapped and escaped methane, it is a matter for
conjecture, but it is unlikely that as much as 0.1% is trapped. A more
conservative number might be 0.005%.

That would mean that something on the order of 2.5 BSCF (72
MSCm) per day would eventually be captured for possible future recov-
ery. If this goes on for 360 million years, then the upper limit on the
mass of hydrocarbons from biological sources stored in natural reservoirs
is on the order of 6.9 Zettagrams (6.9 X 10*! g or 6.9 X 10" tonne).

The US Geological Survey (USGS) estimates (Schmoker and Dyman,
016) that as of the end of 2012, cumulative worldwide production (EIA,
016) has been 1218 billion barrels of crude and condensate and 2438
trillion SCF of natural gas (192 petagrams, 192 X 10” tonne). The same
source shows proved reserves of oil and gas to be on the order of 8 peta-

2
2

grams (8 X 10” tonne). This indicates that we have found, developed,
and/or produced 200 petagrams (200 X 10” tonne) or 0.0029% of possible
biotic hydrocarbons production.

These numbers seem to refute the idea that we have produced so
much fossil fuel that it has to have another source. The five one-
thousandths of a percent captured is a guess without much basis, but is
unlikely to be as far off as the duration of 360 million years.

Some estimates have been made that assume seeps started within 100
years of the first organic waste being generated, so the duration of the
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seeps could be closer to 2 billion years. In other words, the conventional
wisdom placing the source of all produced hydrocarbons as anaerobic
decomposition remains plausible.

1.1.3 Abiotic hydrocarbons

The concept that petroleum and natural gas are formed by inorganic
means has been proposed many times. One of the major theories was put
forth by Thomas Gold in 1955 and expanded upon in the 1980s and
1990s. His theory was that elemental carbon and elemental hydrogen in
the core of the earth at very high pressure and temperature would be ade-
quate to facilitate the formation of hydrocarbons.

Simple hydrostatic pressure at 75 miles (120.7 km) below sea level
would be about 170,000 psi (1,200,000 kPa) and the temperature of the
earth’s core is estimated to be about 10,800°F (6000°C).

DeRosa (2007) hypothesized that the presence of biological debris in
petroleum products was the result of microbes feeding on the oil and gas,
rather than a waste product of microbes feeding on organic material and
this debris did not eliminate the possibility of abiotic hydrocarbons.

Although this theory and the competing theory that hydrocarbons
arrived as space debris have both been discredited by modern science,
we’ve seen this sort of group-think in other fields of inquiry recently and
the collective opinion of “modern scientists” carries less weight every year.

A recent study by The Carnegie Institution’s Geophysical Laboratory
(Phys.org, 2016) was able to form ethane propane, butane, molecular
hydrogen, and graphite (carbon) from methane at high temperature and
pressure without any biological agents. They further found that the pro-
cess was reversible, where ethane formed methane at the pressure and
temperature of their experiment, which was an unexpected result.

1.1.4 Do abiotic hydrocarbons matter to the oil & gas
industry?

When extracting hydrocarbons, we have no way to determine if they are
abiotic or biotic in source. Nor do we have any economic reason to care.
Abiotic hydrocarbons are certainly not required to support the volumes
of petroleum products that have been recovered to date, but recent studies
indicate that the scientific community could easily have been premature
in rejecting the very concept of abiotic hydrocarbons.
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At the end of the day, it really does not matter if the gas and oil that
arrives at a processing facility came from “squashed dinosaurs” or from
chemical reactions within the core of the earth—they still had to migrate
from a “source” to a “reservoir” that is “capped.” It doesn’t hurt anything
to call them “fossil fuels.”

With the specificity of the required storage environment, nearly all
abiotic hydrocarbons would have migrated to the surface without being
trapped over geologic time just like biotic hydrocarbons did/do.

1.2 RESERVOIR ROCKS

As discussed in the last section, a hydrocarbon accumulation must
have: (1) a source of hydrocarbons (source rock); (2) a means to store
hydrocarbons (reservoir rock); and (3) a barrier to leakage (cap rock).
Additionally the accumulation must either have a path for hydrocarbon
migration or the ability to accept an imposed path for migration.

Historically we have thought about hydrocarbons being stored in
some sort of void space. This space can be tiny like the spaces between
grains of sand in sandstone or huge like the vugs and cracks in limestone.
The public perception of “lakes of oil” underground, while not
impossible, has never been discovered thus far.

Some of the unconventional gas and oil production is requiring that
we rethink the concept that gas is only stored in void space. In coalbed
methane (CBM) the preponderance of the gas is adsorbed to the surface
of the coal. CBM reservoirs have “porosity” (see the following section)
values far smaller than the historical minimum that was considered viable
for a gas well. Shale reservoirs tend to have a mixture of organic material
that includes adsorption sites and inorganic rock that has void space.

1.2.1 Porosity

Porosity is a measure of the void space in a rock.

¢ =1— Vv,\‘olidrocle (11>
I/mtirer(’sm/uir

Fig. 1.2 shows an impossible combination of sand grains stacked in
such a way as to maximize the void space. Since nature is always tending
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Figure 1.2 Stacked sand.

26% Porosity

Figure 1.3 Stylized sand stacking.

toward minimizing potential energy, this theoretical maximum void space
is impossible. Fig. 1.3 is a stylized representation of these perfectly spheri-
cal “sand grains” stacked in a more likely configuration. This shows that
even with minimizing potential energy during consolidation, you can get
as much as one-fourth of the reservoir volume in a sandstone as void
space. With real sand grains not being perfectly sorted into the same size
and not being perfectly spherical, porosity in sandstone is rarely much
more than 20% and can be much less.

Limestones and other carbonate strata tend to have a very fine grain
structure that has very low porosity, but water that is slightly acidic can
scour vugs and channels in the matrix. These vugs can hold large quanti-
ties of foreign material, but must be interconnected to be useful as a res-
ervoir rock. It is common for a carbonate reservoir to have as much as
50% porosity, and the majority of high production-rate reservoirs (e.g.,
the North Sea reservoirs) are carbonates.
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TO
well

Figure 1.4 Porosity in sandstone.

Coal and shale reservoirs are called “unconventional” because they
are. The porosity in coal beds tends to be around 0.2%, far too low to be
an effective reservoir rock in conventional terms. This very low porosity
is entirely contained within the cleat system and the material divided by
the cleats has approximately zero porosity. In CBM reservoirs, the storage
method is “adsorption” which is described in Section 1.6.2, not pore-
volume storage.

Shale on the other hand 1s a mixture. Generally, 60% of the original
gas in place (OGIP) and 100% of the original oil in place (OOIP) is
stored in the pore volume of interbedded sandstones in the shale matrix.
The remaining 40% of the OGIP is adsorbed to the surface of the organic
material in the shale. As will be discussed in Section 1.6.3, this adsorbed
gas is an effective source of energy to facilitate the movement of the
pore-volume liquids.

Porosity can either be “connected” or “disconnected.” In Fig. 1.4 the
dark sections are connected porosity that allows flow from one space to
the next. The light area shows disconnected porosity that does not com-
municate with other pore spaces. At initial discovery the pressure in the
connected pore space and the disconnected pore space will be approxi-
mately equal. Over time and production, the pressure in the connected
pores is depleted, creating a differential pressure across the media cement-
ing sand grains and can cause this material to fail and produce the trapped
hydrocarbons. Because of this ability to fail the trapping mechanism we
generally treat all pore volume in sandstones as connected. Vuggy porosity
and interbedded porosity are far more complex and beyond the scope of
this discussion.

1.2.2 Permeability

Permeability is a measure of a reservoir’s ability to flow. The field of flow
through a porous media was first described by French Civil Engineer
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Henry D’Arcy (1803—58). D’Arcy was addressing a surging problem
with the aqueducts servicing Dijon, France. His solution was to fill the
aqueduct with sand. When this technique solved the surging problem and
still provided water to the city at an adequate rate, D’Arcy developed the
equations that we currently use for flow through a porous media, primary
among them is Darcy’s Law (Wikipedia, 3, 2016).

(kA ' oP 19
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The permeability term is generally stated in miliDarcy (mD), but
there are reservoirs where it is in Darcy and others where it makes the
most sense to use nanoDarcy. The larger the permeability value, the easier
it is for the fluids to get to the well-bore. Both coal and shale have a
matrix permeability in the nanoDarcy range (up to a million times smaller
than you would expect in a tight sandstone) which is the main reason
that the unconventional reservoirs were not a significant portion of oil or
gas production until technologies and strategies had matured to account
for nearly zero permeability.

Relative permeability: Permeability is not one thing. It can have a differ-
ent value if the fluid being used is water, crude oil, gas, or an emulsion.
Typically we talk about “effective permeability” and “relative permeabil-
ity” (or “Rel Perm”) to a specific fluid. Absolute permeability is a mea-
sure of a reservoir’s ability to facilitate the flow of the in situ mix of
reservoir fluids and is measured in Darcy units. Effective permeability is
the reservoir’s ability to facilitate the flow of a single component of the
reservoir fluid mix and is also in Darcy units. Relative permeability is a
ratio of effective permeability to some base permeability such as absolute
permeability, permeability to air, and permeability to the mix of reservoir
fluids at a fixed set of reservoir conditions.

1.2.3 Hydrocarbon traps

The reservoir provides a storage method and a means to transport hydro-
carbons within the reservoir, but hydrocarbons tend to be lighter than
water so buoyancy will tend to cause them to migrate away from the cen-
ter of the earth unless the reservoir is capped.

Traps fall into two broad categories: Structural and stratigraphic.
Stratigraphic traps accumulate oil and gas due to changes in rock charac-
ter. Stratigraphic traps commonly occur as “interbedded sand lenses”
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Anticline

e

Pinchout

Figure 1.5 Some types of reservoir traps.

within a cap rock like shale. Stratigraphic traps can be very difficult to
find or produce, but they can be quite prolific when found. In Fig. 1.5,
the pinchout trap is stratigraphic. Stratigraphic traps can be difficult to
find, they don’t have the distinctive signature that you see for structural
traps on seismic data. It is common to find a structural field, and then
locate significant new reserves in step-out wells drilled into stratigraphic
traps. The Eagle Ford Shale in South Texas is an example of a strati-
graphic trap.

Structural traps represent a change to the strata after deposition. They
generally show up on seismic as a discontinuity in the data caused by an
abrupt change in rock density. Categories of structural traps are anticline,
fault, and salt dome.

1.2.3.1 Anticline

An anticline is an arch of stratified rock in which layers bend downward
in opposite directions from the crest (Webster, 2016). Anticline traps are
most often formed by pushing from the edges, but they can be formed by
compaction of the edges. The Jonah Field and Pinedale Anticline in
southern Wyoming are examples of anticlines (WyoHistory, 2017).

1.2.3.2 Fault
When faulting is associated with displacement the reservoir strata can be
displaced to a position where foreign strata cap the reservoir. The
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Oklahoma City Field is an anticline that includes an example of a fault
trap (Wikipedia, 5, 2017).

1.2.3.3 Salt Dome

Salt is less dense than most rocks, so over geologic time, salt plugs tend to
rise which can create an anticline above it and a displacement cap on its
flanks. Early wildcat oil drillers often found oil by looking on the surface
for bumps that suggested a salt dome. The Spindletop field was formed
around a salt dome (PRI, 2017).

1.3 RESERVOIR CONCEPTS
1.3.1 Reservoir temperature

As you move from the surface of the earth toward the center of the earth,
you will encounter increasing temperatures. The core of the earth is very
hot, the surface of the earth is quite temperate so it makes logical sense
that the closer you get to the core the higher the temperature will get.
Through the first few miles of depth, the temperature is a linear function
of depth with a geothermal gradient of 0.0301 K/m (0.017 R/ft). Many
things can cause local variations in this linear function, the most prevalent
of them is the presence of fluids. A hydrocarbon reservoir can retain heat
for millions of years so it is reasonably common for reservoir fluids to be
warmer than the geothermal gradient would predict. You can take a first
estimate at reservoir temperature (realizing that if any data contradicts this
estimate then the estimate should be immediately abandoned) by:

K R
Tign = Ty +0.0301° = Depth = T,yy +0.017- = Depth  (1.3)
‘ - ‘

If you take surface temperature as 20°C (68°F) then a 600 m (1970 ft)
well would have a reservoir temperature of 38°C (100°F). That is the
rub. If you take surface temperature as 0°C (32°F) then reservoir temper-
ature would be 18°C (64°F) and if you take surface temperature as 38°C
(100°F) then reservoir temperature would be 56°C (133°F). But we
assume that the reservoir is isothermal and we don’t see wide swings in
flowing wellhead temperature from winter to summer.

In fact, the current ambient temperature is only a factor in ground tem-
perature down to the frost line which varies from a few inches to more
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than a meter down. Below the frost line, the ground temperature is gener-
ally around 20°C (68°F) and that is a reasonable value to use for T,

1.3.2 Reservoir pressure

The “normal pressure gradient” is generally taken to be based on brine
derived from seawater (i.e., SG = 1.07, pressure gradient = 0.465 psi/ft
(10.52 kPa/m)). This is a useful value in assessing whether the reservoir is
overpressured (i.e., the trap was sealed at a lower depth and geologic
forces moved it from deep toward shallow), underpressured (i.e., either
the trap was sealed at a more shallow depth and geologic forces moved it
deeper or pressure was depleted through leakage), or normally pressured.
Beyond that broad classification, a reservoir pressure based on hydrostatic
pressure is reasonably worthless.

The only two methods to actually determine reservoir pressure are:
(1) material balance and (2) pressure buildup test. A material balance
requires knowledge of the shape and scope of the reservoir. We have to
know the total void volume that we are accessing (i.e., both thickness and
areal extent and connected porosity must all be known with reasonable
confidence), which we never know in a conventional gas reservoir.

Pressure buildup tests can be effective at determining the reservoir pres-
sure, but this can take a while. I did a statistical study of short-interval data
in the Mesaverde formation in the San Juan Basin of Northern New
Mexico in the United States and found that this tight gas formation would
take something on the order of 20 years for wellhead pressure to reach
average reservoir pressure. The short-interval data in that study showed that
“connected porosity” seems to change based on differential pressure and
over weeks and months the rate that the pressure is approaching an asymp-
tote which represents reservoir pressure can change from minute to minute,
which changes the apparent asymptote (reservoir pressure). In fact we
almost never know what the reservoir pressure is in a conventional gas
well. Data obtained while drilling can give you an indication, but local dis-
continuities, the nonhomogenous nature of reservoirs, and the removal of
mass (through leakage, offset production, and production) make this num-
ber of limited value in most conventional reservoirs.

In unconventional gas reservoirs we can develop a reservoir pressure
with considerably more confidence because the gas is stored as a part of
the solid matrix rather than in pore spaces. This will be discussed under
Sections 1.6.2 and 1.6.3.
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1.3.3 Original gas in place

If you know how much stuff is stored within the reservoir, and you know
how much stuft you have taken out of the reservoir, then you can have
some confidence in predicting how much is left and what portion of that
will be economically reasonable to recover. That recovery estimate is
known as “reserves” which are a measure of the potential future value of
the reservoir. Reserves tend to be the single value entity of any Oil &
Gas producer and are a major factor in the valuation of a company.

Other than reserves estimating OGIP is not very useful after the well
is on production.

1.3.4 Reservoir pressure versus gas in place overview

If you look at remaining gas in place (GIP) as a percentage of a well’s
OGIP and current reservoir pressure as a percentage of initial reservoir
pressure (at the time the reservoir was first accessed at that location)
(Fig. 1.6), then you can ignore the fact that one well may have tens of
BSCF of OGIP and a well in the next field may have a fraction of a
BSCE or that one well may have an initial reservoir pressure over
10,000 psi (68,900 kPa) while a well in the next field may have 200 psi
(1378 kPa).
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Table 1.1 Reservoir type key points

Conventional  Tight gas CBM Shale
Gas content N/A N/A 300—1000  50—400
(SCF/ton)
Storage Pore volume  Pore volume  Adsorption Mixed
mechanism
Ultimate recovery  40% of OGIP* 30% of OGIP" 95+ % of  70% of
OGIP OGIP
Flow method D’Arcy D’Arcy Channel Channel
Permeability >1 mD 10 uD to <10 nD <10 nD to
1 mD 10 uD
Porosity 20%—50% 0.5%—10% <0.2% 0.1%—4%
Response to low  Minimal Minimal Excellent Good
pressure”
Liquid Usually Usually None Variable
hydrocarbons
Water production  Generally low, Low to none  Low to very High to
not always high very high
Water quality Poor Poor Variable Variable

It is quite rare to ever know OGIP in conventional and tight gas fields. Claims that recovery is much
higher than these values have not stood up to close scrutiny.

“Low pressure” in this context is dropping flowing bottom-hole pressure much below half of
current average reservoir pressure.

The dotted line in Fig. 1.6 is the equipotential line that represents
percent of OGIP equal to percent of initial reservoir pressure. None of
the types of reservoirs we are discussing comes close to that line, each for
its own reasons that will be discussed as follows.

1.4 PRIMARY GAS-FIELD DISTINCTIONS

The distinctions between types of gas reservoirs are somewhat arbi-
trary, but there are some physical parameters that make understanding the
distinctions easier (Table 1.1).

1.5 CONVENTIONAL GAS FIELDS

When the Oil & Gas industry was coming into being, gas did not
have much of a market and was not considered a universally viable
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commercial product—its use required a pressurized infrastructure to get it
from the well to processing to end-use and that infrastructure was slow to
develop outside of new developing metropolitan and suburban areas.
A national infrastructure was not even proposed until the rapid growth of
suburbs after World War II created a significant demand. Consequently,
the only reason to develop most gas fields in the first half of the 20th cen-
tury was to recover the associated liquid hydrocarbons. Gas was often
flared or vented in these fields. As gas started being piped into more
homes and businesses, it finally reached the point where it was a valuable
product on its own, but by that point the industry still realized more
value from liquid associated with gas production than from gas
production.

Conventional gas fields have the characteristic that they have fairly
high permeability and fairly high content of associated hydrocarbon
liquids.

1.5.1 Reservoir pressure versus OGIP conventional

If you recall the chart in Fig. 1.6, the conventional portion looked like
Fig. 1.7. The line bows out below the 45 degree line. This is primarily
due to the compressibility of the gas being pressure (and temperature, but
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temperature is assumed to be reasonably constant over the life of a field)
dependent. The other factor is the incompressibility of the liquids which
often leads to phenomena like “water block” where liquids fill the pore-
to-pore passages and adhesive forces and surface tension are greater than
the force available via differential pressure.

The bulk modulus of water is 319,000 psi (2200 MPa) which says that
if your remove 1% of the liquid in a liquid-full portion of a reservoir, you
need to lower the pressure in that portion by 319,000 psi (2200 MPa)
which is not physically possible in any reservoir discovered to date. As
you remove liquid from a liquid-full portion of the reservoir, pressure
will begin to drop rapidly, liquids and gases in adjoining reservoir por-
tions will flow into the portion being drained, when the pressure in
adjoining portions is lowered to zero dP, flow will stop even if the section
still has reasonably high pressure.

The primary ramification of the shape of the curve is that a step-
change in pressure will almost never provide attractive increases in pro-
duction and well-site compression in conventional fields tends to be
viewed as a “rate acceleration” exercise rather than a “reserves adding”
exercise. Rate acceleration generally has very poor economics in gas
fields. When the reservoir pressure in a conventional field reaches about
20% of initial reservoir pressure, there is only about 10% of OGIP
remaining, unlikely to be worth a large capital expenditure. Most conven-
tional fields are abandoned at around 60%—70% of initial reservoir pres-
sure, leaving 50%—75% of the OGIP in the ground. Fig. 1.7 represents
part of the reason for walking away from these resources, the rest of the
reason is that the pressure drop through the pore-to-pore pathways in the
near well-bore are absolute-pressure dependent and there is no driving
force within the reservoir to overcome this pressure drop.

As we will see in Chapter 3, Well Dynamics, while step-changes in
flowing bottom-hole pressure are rarely effective in conventional fields,
providing very constant flowing bottom-hole pressure (e.g., with well-site
compression) can significantly increase ultimate recovery from conven-
tional fields if we are willing to change our economic goals from rate
acceleration to reserves adding.

1.5.2 Conventional gas

The flow mechanism from deep in a conventional reservoir toward a
well-bore is described as “flow through a porous media,” also known as



Gas Reservoirs 61

Figure 1.8 False color thin section of sandstone (Dollar Photo Club).

D’Arcy flow. This flow mechanism is characterized by very high pressure
drops as reservoir fluids struggle to find pathways from one pore space to
the next. Consequently, reservoir pressure can remain nearly constant for
years on end. Effectively constant reservoir pressure is an important
assumption in many of the equations that production engineers use to
predict reservoir performance. While this is almost always a valid short-
term assumption for conventional gas reservoirs from year to year, it needs
to be periodically revisited to see if actual changes have altered the well’s
performance (Fig. 1.8).

1.5.3 Conventional reservoir materials

Conventional reservoirs are characterized by having reasonably large per-
meability and significant potential to extract liquid hydrocarbons. Further,
the production is dominated by pore-volume storage, so porosity must be
reasonably large to make a reservoir productive. Conventional gas is very
similar to producing an oilfield and the techniques and technologies
developed for oilfields can often be applied to conventional gas fields with
little modification.

Carbonates: Calcium carbonate (CaCO3) comes from dissolving animal
bones and sea shells in slightly acidic water. As conditions change (tem-
perature, pressure, and/or water chemistry), this CaCOj; tends to precipi-
tate out of the water. Under heat and pressure, the precipitate turns into
limestone which has very low matrix porosity but tends to have signifi-
cant void volume in cracks and vugs (i.e., a small unfilled cavity in a lode
or in rock (Webster, 2016)). About 50% of the world’s known reserves of
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oil are in CaCOj reservoirs (Schlumberger, 2107). The percentage of gas
is much lower, but the highest rate gas fields have been carbonates.

Sandstones: Grains of sand tend to shift into the lowest possible poten-
tial energy. You can visualize this by thinking of a billiards table (see
Figs. 1.2 and 1.3). Add pool balls to the table until there is no place for
the balls to move to and then add some more. The added balls will find
resting places touching multiple first-layer balls. Once you have multiple
layers of pool balls stacked up, pour some small marbles (small enough to
fit in the space between three pool balls touching) and the marbles will
tend overtime to sift down to fill all the voids. This is what happens in a
sandy beach, the sand grains are always trying to move toward the center
of the earth and over geologic time reach the lowest potential energy state
available.

With time and fluid movement, minerals tend to evolve out of the
fluids to cement the sand grains into a sandstone, but still leaving significant
void volume and pathways to allow fluids to move from pore to pore.
Often these pathways are too small for rapid liquid movement but are ade-
quate for gas movement. In this case the gas-to-liquid ratio puts the reser-
voir into a “gas” category rather than an “o0il” category. A large number of
the commercial conventional gas reservoirs in the world are sandstones.

Chalks: Chalk is a stable polymorph of carbonate with interbedded
shales. The organic material in the shale tends to allow adsorption of gas
in addition to the storage in cracks and vugs. As discussed in
Section 1.6.2, this adsorbed gas provides an energy source for fluid move-
ment of fluids stored in porosity. Chalks tend to have very low native per-
meability and must be extensively fractured through either stimulation or
natural tectonic activity to be productive. Chalks make up most of North
Sea and South Texas production.

§ 1.6 UNCONVENTIONAL FIELDS

Unconventional gas is the stuff that the industry tended to avoid
whenever there was anything else to develop. So far it is made up of tight
gas, CBM, and shale (Fig. 1.9). Eventually hydrate mining and landfill gas
will also be significant portions of this sector.

The industry tended to skip over the unconventional resources for
four major reasons: (1) the permeability tends to be very low (Fig. 1.10);
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(2) it often has no hydrocarbon liquids; (3) it often requires new or non-
oilfield techniques to develop; and (4) it is often very expensive to
develop and produce.

1.6.1 Tight gas

For many years tight gas was seen as “difficult conventional gas” in that
the production fluids generally contained hydrocarbon liquids in about
the same proportions that were seen in conventional gas, but tended to
be significantly lower flow rates. Making money in tight gas required
both a long attention span and a willingness to accept lower per-well pro-
duction rates. The Mesaverde formation in the San Juan Basin was one of
the first tight gas fields developed (in the 1950s and then infill drilled in
the 1970s) and for many years it was the largest onshore gas field (by both
total production and remaining reserves) in the US until the CBM devel-
opment in the San Juan basin in the 1990s kept San Juan on top of the
list while eclipsing the Mesaverde. The development of shale gas plays in
the 2000s pushed San Juan off the bottom of the top 10 lists.
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Tight gas was the beginning of awareness that gas is not oil, and that
oilfield techniques and technologies might not be universally applicable.
For example, in conventional gas, it was common to apply compression
to lower flowing bottom-hole pressures in steps and quite rapidly. When
we try that in tight gas, we get some increase in production for a very
short time and then it stops—the permeability is so low that inflow gen-
erally cannot keep up with compression rate. We also found that applying
small amounts of compression to slowly lower flowing bottom-hole pres-
sure (on the order of 2—3 psi/month) tended to flatten decline even
though flow rate increases were modest to nonexistent. Work in well-site
compression in tight gas was really the first time that a company was able
to confirm that adding compression to unconventional gas wells added
recoverable reserves instead of simply accelerating the recovery rate from
already booked reserves. This concept has been very important for CBM
development and has been the key in tight gas economics.

1.6.2 Coalbed methane

In Fig. 1.8 we saw a thin section of sandstone where a scale of
0.2 mm = 1 in was adequate to see the pore space. A similar thin section
from a coal bed (Fig. 1.11) would require 0.0001 mm = 11in to see the
pores—porosity is 1/2000th the size of pores in sandstone. If we
expanded the scale on Fig. 1.8 to the scale on Fig. 1.11, every pore
would appear infinite. Void space in CBM is so low and so isolated that
permeability in CBM is essentially zero (it tends to be on the pD and nD
scale), and there is so little void volume that there wouldn’t be enough
gas in the formation to be economic.

B . B - e " a
Figure 1.11 Thin section of coal, 0.0001 mm =1 in (Dollar Photo Club).
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CBM highlighted the difference between oilfield techniques and techni-
ques appropriate for unconventional gas. The “pressure continuum” dis-
cussed in Chapter 0, Introduction, is a major piece of the difference. In
conventional gas and most tight gas, all parts of the system are at pressures
higher than transition from “normal pressure” to “high pressure” on Fig. 0.1
and at those pressures it is quite reasonable to assume that gas acts much like a
liquid. In the low pressure part of that figure, the deviation from linear
behavior becomes too large to ignore. The other major piece of the differ-
ence is that D’ Arcy flow in nano-Darcy permeability is very nearly zero.

There are many excellent books on CBM Reservoir Engineering, the
best I have found was written by Dr. John Seidle (2011). Of course, all of
these books are written from the perspective of reservoir engineering for
reservoir engineers. As a surface engineer it is difficult to reconcile actual
uncertainty with the confidence that the authors show in their equations
and models. For example, all of the books assign a value for “permeabil-
ity” of the various CBM plays. They all use phrases like “permeability,
which is primarily cleat permeability is ...”. Permeability of an open
conduit is infinite by definition. Permeability of the coal matrix is as close
to zero as we can measure. This means that reservoir engineers have
solved the age-old problem of using infinity in equations being unde-
fined. They have defined “(infinity plus zero) divided by 2” as equal to
“30 mD,” now we know how to evaluate infinity. Having evaluated many
reservoir models based on this new mathematical construct, I have to call
“foul.” These models tend to be slightly less able to predict future perfor-
mance than the models used in climate science. I have had several discus-
sions on this subject with Dr. Seidle and he smiles indulgently at this silly
flangehead who has the audacity to say “D’Arcy is irrelevant to actual
CBM performance.” The following is based on my experience with
actual well performance in several CBM fields located on four continents.
In many regards it is very much at odds with the experts in CBM
Reservoir Engineering, please keep that in mind as you review it.

Coal rank: Coal is ranked by the degree of alteration that occurs as
coal matures. The ranks of coal that are commonly used are given in
Table 1.2.

The “shininess” of coal is measured with a parameter called “vitrinite
reflectance” Coal beds that have been economical for CBM have tended
to be at least subbituminous or higher rank with vitrinite reflectance
between 0.4% and 1.4% or “a bit dull” to “kind of shiny” (anthracite is
usually around 6%).
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Table 1.2 Coal rank

Maturity Color Moisture  Heat capacity
Peat Least Dull brown Wet 6 MBTU/Ibm (14 MJ/kg)
Lignite More  Dull black Drier, still 7 MBTU/Ibm (16.2 MJ/kg)
wet
Bituminous More  Almost shiny  Drier 11 MBTU/Ibm (25.6 MJ/kg)
Anthracite  Most Shiny black Dry 14 MBTU/Ibm (32.6 MJ/kg)

Coal cleats: According to Seidle, “Coals are unique, naturally fractured
reservoirs with two mutually perpendicular fractures, both of which are
perpendicular to the bedding plane” (Seidle, 2011). The dominant or
“face” cleats tend to be connected and colinear. The secondary or “butt”
cleats are perpendicular to the face cleats and generally terminate at the
face cleats. The limited ability of an undisturbed coal bed to flow gas is
due to limitations of the connectedness of the face cleats with the system
of butt cleats.

Gas storage method: Since CBM does not have appreciable pore vol-
ume, it is normal to ask “then where the heck is the gas?” That is a fair
question. The gas in a CBM field is “adsorbed” to the surface of the coal.
Webster defines “adsorption” as “the adhesion in an extremely thin layer
of molecules (as of gases, solutes, or liquids) to the surfaces of solid bodies
or liquids with which they are in contact” (Webster, 2016). Adsorbed
gases sit on “adsorption sites” on the surface of the coal and even with
very small void spaces in the coal the total surface area is enormous.
Adsorbed gas 1s held in place in CBM by the hydrostatic pressure of water
filling the cleat system (rather than the cap rock necessary in conventional
and tight gas reservoirs).

Adsorbed gas acts as part of the coal matrix and does not behave like a
gas. As long as the molecules are attached to the solid, the gas equation of
state is not valid for those molecules. In short PI”# nRT. This concept is
crucial to understanding exactly how much gas a CBM field can contain.
A good tight gas field will recover about 0.5 BSCF/well. In the central
“fairway” portion of the San Juan Basin CBM, an average well will
recover about 12 BSCF/well.

Desorption of adsorbed gas requires a drop in pressure (i.e., the gas
content of the thin film layer is a function of the confining pressure).
Once the gas has left the coal surface, it has all of the characteristics of
any free gas. This free gas has expansive energy that acts to “push” reser-
voir fluids toward the well-bore while with conventional and tight gas
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Figure 1.12 GIP vs pressure for CBM.

reservoirs all of the reservoir energy that will ever be available is in the
gas within the pore volume at initial completion, when the first molecule
of reservoir fluid is produced, the energy has been diminished (this phe-
nomenon can be thought of in a conventional or tight gas reservoir as
“pulling” the fluids to the well-bore). Fig. 1.12 shows the effect of this
difference. In the particular well used for this graph, when reservoir pres-
sure was 10% of initial pressure, there was still 50% of the OGIP still in
the reservoir. This “pull vs push” analogy begins to explain why it is
nearly always economic to apply compression to late-life CBM wells
while it is rarely economic to apply compression to late-life conventional
and tight gas wells (but there are some good reasons to apply well-site
compression in midlife in conventional and tight gas reservoirs, see
Chapter 3: Well Dynamics).

Fig. 1.12 is what is known as a “combined isotherm” in that each
coal has a different preference for each species of gas present. It is com-
mon for a coal to have a greater ability to store CO, than methane, and
over geologic time if there were enough CO, present then the methane
would not be able to find adsorption sites. Since (as we discussed earlier)
methane comes from anaerobic decomposition, the available oxygen that
can become CO, is limited and CBM reservoirs generally contain fairly
low levels of CO,. Fig. 1.12 is the combination of a 100% CO5 line and
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the 100% CHy line with the actual proportions of gases (i.e., in this case
82% CH, and 18% CO,) (Fig. 1.14).

Water storage: Hydrostatic pressure in the cleat system is required for
gas to remain adsorbed to the coal. Typically the entire cleat system is
water-full under pressure. Since all gas flow must initiate at the coal
surface within a cleat, the water in the face cleats that intersect the
well-bore must be (nearly) completely removed before there are path-
ways for gas to flow away from adsorption sites. Producing this “thor-
oughfare water” is commonly known as the “dewatering period” and
can last from days to months. At the end of the dewatering period,
the well will still produce water, but the water/gas ratio will tend to
approximately stabilize and remain constant for most of the remaining
life of the well.

As will be discussed in Chapter 3, Well Dynamics, there is no eco-
nomic benefit of removing more water than is naturally flowing from the
butt cleats, and there is strong evidence that overpumping a well will
actually reduce the ultimate gas recovery.

Langmuir isotherm: 1If you start with an assumption that reservoir tem-
perature is approximately constant over time, then you can treat depletion
as “isothermal.” With that assumption you can develop an equation for
OGIP based on the Langmuir adsorption model (Wikipedia, 4, 2016).
One representation of OGIP using this model is:

b'P,‘
OGIP = 0.031214-Ah Vi y i’ 753 5 (1.4)

All of the terms in Eq. (1.4) come from log and core analysis except
drainage area. This term is often mandated by regulatory fiat. While the
regulations yield a value that is quite removed from the conditions at any
particular well, it can be useful to start with the mandated drainage area
and refine it over time. This mandated value allows a first guess at OGIP.
To get gas remaining, simply replace initial reservoir pressure with current
average reservoir pressure.

You can solve Eq. (1.4) for pressure to allow prediction of reservoir
pressure relative to cumulative production.

_ OGIP — Cum 15
0.031214- A" h" V" y~b* pry,, — (OGIP — Cum)-b ‘

Since flow within the CBM reservoir is channel flow, average reser-
voir pressure can be available at the wellhead within 48—72 hours of a



Gas Reservoirs 69

well shut-in for high-productivity wells, weeks or months may be
required in lower productivity wells. It is common to require field shut-
in periods for compressor station and plant maintenance annually. I was
very careful in the field I operated to manually shut in the wells (rather
than letting the wells pressure up the gathering system) and to make sure
that a calibrated transducer was communicating with the production
database upstream of that shut valve (usually casing pressure measuring
point). Once pressure stopped increasing (or it was clear that it was
approaching an asymptote), we had current reservoir pressure and could
tune drainage area to refine the OGIP value. Out of 65 wells, the first
calibration was the only one necessary on 60 wells. The other five wells
required a second calibration. Using the refined drainage area, we were
able to develop a very good estimate of average reservoir pressure at any
given time.

Another observation is that wells behave very differently during the
various stages of their “lives”” Plotting the remaining gas version of
Eq. (1.4) helps define these life stages (Fig. 1.13).

The added lines are reflecting the observation that in the early and
late parts of the isotherm, the relationship is approximately linear. Using
that observation allows you to extend a line from 0,0 and another line
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Figure 1.13 Annotated GIP vs P; for CBM.
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from 100,100 and where those lines cross, drop a line normal to the iso-
therm. The interpretation of these regions is:
* Declining pressure region
Pressure falls rapidly for small reductions in GIP.
Reservoir energy is very high and rapid production during this
time can cause coal structures to fail and open larger channels
which dramatically improves late-life production rates.
This period can be reasonably short (in the well in Fig. 1.13 it
lasted 7 months).
Wells in this region do not respond to very low pressures but
sometimes deliquification methods improve production.
Wells in this region respond very well to flowing bottom-hole
pressures that are approximately equal to the pressure at point A.
* Declining reserves region
Pressure changes very slowly while GIP changes relatively quickly.
This period can be very long (in the well in Fig. 1.13 this period
started at 11 years and at the time of this writing it has been on
production for 27 years and is still making commercial volumes).
The only way to recover commercial volumes in this stage is with
very low flowing bottom-hole pressures.
* Transition region
This is the change from “easy” to “difficult” for operations.
At the beginning of the period most wells don’t need deliquifica-
tion and few wells need compression.
At the end of the period all wells need both a coherent deliquifica-
tion strategy and very low wellhead pressures.
This period is often fairly long (in the well in Fig. 1.13 it lasted 10
years) and following reservoir pressure with bottom-hole pressure
during this period 1s very important.
* Point A
Prior to point A the target flowing bottom-hole pressure should be
somewhere around the point A value (in the Fig. 1.13 well that
was 350 psig (2413 kPa)).
As pressure approaches point A the flowing bottom-hole pressure
needs to drop to maintain the proper relationship between average
reservoir pressure and flowing bottom-hole pressure to optimize
commercial production.
Every CBM reservoir has a “sweet spot” in flowing bottom-hole pres-
sure that optimizes ultimate recovery. In the San Juan Basin Fairway



Gas Reservoirs 71

CBM wells that number was a flowing bottom-hole pressure of one-half
of average reservoir pressure (discovered through many trials and even
more errors). These observations allowed a prediction of what pressure
was going to be needed in the future. The isotherm analysis does not
have a rate or time component, but as part of our normal business activi-
ties we regularly do production forecasts. The forecast has an implied
cumulative production, so matching the forecast with the isotherm it is a
reasonable thing to develop pressure drawdown schedules to allow bud-
geting compression and gathering system upgrades early enough to allow
for budget cycles.

CBM contamination: As discussed earlier, decomposition of organic
material with inadequate oxygen (not necessarily zero oxygen) produces
methane, and limited amounts of water and carbon dioxide. CO, tends
to be a better fit for the adsorption sites in a coal bed than CH,, and the
coal will preferentially accept the CO, to the exclusion of CHy. Each of
these gases can be represented on an isotherm as seen in Fig. 1.14. The
top line shows the isotherm for 100% CO,, the bottom line shows the
isotherm for 100% CH,. The line in the middle shows the combined
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Figure 1.14 Carbon dioxide and methane isotherms.
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isotherm for the actual mix of gases in this particular well in this particu-
lar formation (i.e., 82% CH, and 18% CO,).

Determining the actual in situ mixture of gases can be a challenge.
When you produce some gas, you leave adsorption sites vacant to be filled
by gas flowing from deeper in the cleat system, but the sites prefer to
attach CO, over CHy. The near-well-bore coals rapidly replace methane
with carbon dioxide. When the well in Fig. 1.14 was first produced the
sales gas contained just under 6% CO,, 12 years later the gas stream was
up to 23% CO,. The carbon dioxide in the sales gas passed through the
18% that we think was in the formation at the beginning without even
pausing. This seems to support the idea that the coal is acting as an “acti-
vated” coal filter to strip CO, from the reservoir fluids and over time as
the saturation of CO, on the near-well-bore coals increases toward some
limit (well above 18%) it begins evolving oft of the coal more rapidly.

Using this theory a mass balance on the San Juan Basin fairway was
developed and it was determined that the “missing” CO, from the early
production would be balanced with the “excess” CO, from the later pro-
duction at a sales concentration of slightly less than 30%. That has proven
to be a reasonable estimate as late-life CO, concentration has leveled off
and begun declining back toward the original 18%. Computer models
(Seidle, 2011) looking at homogenous desorption pressure predict that
CO, will increase toward 100% at complete drawdown. This is not what
operators have seen.

CBM completions: A conventional completion installs production casing
across the productive seams, cements it into place, then perforates the
production casing and cement sheath, and stimulates the formation. Coal
has very low mechanical strength and putting a concrete hydrostatic gra-
dient (about twice the gradient imposed by water) on the coal always
causes a considerable amount of concrete to break its way into the target
formation, often doing irreparable damage to the productivity of the well.

To avoid this damage, it is good practice to set production casing
above the coal and cement it to surface. Then the coal is left either open
hole or with an uncemented liner installed across the coal.

It is common for coalbeds to consist of multiple coal seams. If we
leave the entire interval uncemented (good practice), then control of sti-
mulations becomes more difficult. If you are doing a hydraulic fracture
stimulation, you have no way to control which seam(s) will get any frac
fluid at all and what proportions of the job will go to what seams will
always remain a mystery.
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Statistical analysis of upward of 1000 hydraulic fracture stimulations in
various CBM basins around the world has been puzzling. There does not
seem to be any type of stimulation that has a better track record than any
other type. Proppant type and proppant volume do not correlate with
success in any basin. Any given stimulation type that provides good results
in one well may give poor results in the next well and vice versa.

Coal miners have always talked about coal being “self-healing.” This
means that any inclusion in the coal matrix will eventually become part
of the coal matrix and will be indistinguishable from the surrounding
matrix. This does not bode well for the ability of injected proppant to
successfully prop open flow paths in the coal.

There is a weak correlation between carrier volume and success. Frac
jobs that include a lot of liquid (or foam) carrier and just enough “prop-
pant” to enhance the abrasive characteristics of the fluid have tended to
have a higher incidence of success, likely due to scouring vertical chan-
nels in the coal matrix that are too large to “heal.”

The very best results have been achieved by “cavitating” the wells.
This technique either uses surface compressed air or reservoir pressure to
build up high pressure in the near well-bore and then rapidly drop the
pressure to “surge” the well. These surges tend to fracture large sections
of coal and the high velocity flow carries much of the broken coal to sur-
face. The pressurize/surge cycles are repeated until the coal has “stopped
flowing” (i.e., solid coal to surface has diminished). This process requires
the coal to have very low mechanical strength and it simply doesn’t work
in most coals, but since production improvements up to a factor of 40
times have been reported, where it works it is foolish to avoid.

Horizontal wells are the flavor of the week in Oil & Gas and many
operators have tried horizontal wells in CBM with varied (mostly poor)
success. Successful frac jobs in horizontal coals have been rare, open-hole
horizontal wells have a very high incidence of collapse, and cemented cas-
ing tends to damage the coal. “Success” in horizontal CBM wells is
extremely difficult to gauge. For the most part the operator is comparing
a terrible completion process (like drilling the coal with mud, setting pro-
duction casing across the coal, and cementing to surface) with a less terri-
ble completion process (like air drilling a horizontal/vertical pair and
leaving the horizontal drill pipe in the well as a liner, perforating the
liner, and doing a hydraulic fracture stimulation on the entire lateral) and
they see improvements over the terrible offsets. Does that mean that hori-
zontal wells in CBM fields is a good idea? I don’t believe that it has been
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proven that horizontal wells have better results than vertical wells drilled

and completed with good practices.

Flow within a CBM reservoirr CBM has few of the characteristics of
conventional reservoir rock: all flow is in cracks and channels with
approximately infinite permeability; matrix permeability is so low that it
is effectively zero; and the “reservoir” is capped with hydrostatic pressure
of liquids in the cleat system instead of a cap rock. This makes conven-
tional reservoir-performance tools largely ineffective because reservoir
pressure changes far faster than the tools expect; the void volume is quite
variable as gas evolves from the coal surface; and the drainage area can be
very asymmetrical and very large (dependent on cleat and fracture geom-
etry even more than conventional wells are).

In fact the actual flow matches a pipe-flow model much more closely
than a D’Arcy-flow model.

Key CBM learnings: Coal is very sensitive to formation damage:

*  Mud drilling the formation has a high risk of the mud destroying the
productivity of a CBM well

* Cementing across the coal generally results in significant reduction of
production capacity

* Hydraulic fracture stimulation gives very different results from similar
stimulations in conventional or shale reservoirs.

There is a maximum containing pressure required to prevent desorp-
tion, production requires being below that containing pressure, and that
containing pressure changes rapidly with time:

* Above the maximum pressure the gas will mostly stay on the coal.

*  Below the maximum pressure the gas will desorb.

» Significantly below the maximum pressure degrades the efficiency of
the flow conduits, often to the point that the pressure at the desorp-
tion sites is higher than it would be at a higher wellhead pressure.

*  Very low pressures in the early days will often increase water rate and
total water at the cost of gas rate and ultimate recovery.

In short, you have to treat CBM as a unique opportunity, it isn’t just
mushy sandstone.

1.6.3 Shale

The first commercial well in the United States was a Shale Gas well in
Fredonia, New York in 1821 (30 years before the first oil well in
Pennsylvania). It was 27 ft (8.32 m) deep in the Devonian shale. Flow was
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Figure 1.15 Photomicrograph of shale section (Dollar Photo Club).

so low that output was only suitable for gas lights and little liquid moved
at those flow rates.

The photomicrograph in Fig. 1.15 shows that the shale matrix is
made up of sand, quartz, organic material (e.g., peat, coal, kerogen, and
bitumen), and trash. This mixture of materials results in shale being very
much nonhomogenous, much stronger than coal, and has mixed storage
methods.

Production from shales has evolved from a very minor portion of the
mix of US gas and oil production at the beginning of the 21st century to
the dominant position in US gas and oil production in 2016 production.
Much of the growth in production has been in states that have not histori-
cally been Oil & Gas producers, and consequently production reporting in
the shale is quite spotty and reported production is so much less than con-
sumption that the people responsible for publishing this data have resorted
to “we produced x, we consumed 130% of x so the missing gas must have
come from 2 Not a great way to do reservoir engineering, but you
work with what you have. Individual companies have good data, but it is
kept at the level required for reporting and financial settlement, which is
often at the lease level instead of the well level. When we say “in 2015 the
Marcellus Shale produced 17.8 BSCF/day,” that number likely came from
looking at plant and compressor station throughput. When we say “in
2015 the Barnett Shale averaged 4.379 BSCF/day” we are talking about
individual-well volumes measured on high-quality gas measurement
equipment and consistently reported to the Texas Railroad Commission.



76 Practical Onshore Gas Field Engineering

Storage method: Shale is messy. In CBM we saw microstructures we
called “cleats” which created surface area for adsorption. In shale the
inclusions of sand, peat, quartz, etc. lead to, if not homogenous, then a
heterogeneous mix of largely homogeneous cells of widely varying sizes.
The cells can range from cubic inches to cubic yards, and the relationship
of one cell to its neighbor may be significant or it may be largely absent.
Nothing as organized as a cleat system exists. Also the shale matrix is
much stronger than the coal matrix as we discussed earlier. Permeability
is close enough to zero to make shale an excellent and very common cap
rock.

The mixed nature of shale provides a range of storage mechanisms.
The organic material in the shale contains adsorption sites for storing
adsorbed gases. The sand provides locations for liquid hydrocarbon stor-
age. It is typical for 60% of the OGIP and 100% of the OOIP to be in
the pore volume. This leaves a very important 40% of the OGIP adsorbed
to the coal-surface deep in the reservoir. Desorbing this gas provides a
motive force to move the liquids stored in the pores. The storage can be
demonstrated by a combined OGIP vs pressure graph.

Fig. 1.16 implies that early-life production will be D’Arcy-flow domi-
nant and late-life will be desorption dominant. With permeability so low,
D’Arcy flow is limited to very short distances. Consequently when we
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Figure 1.16 OGIP vs P, for shale.
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drill vertical shale wells, the tendency is for them to produce for a short
time and then fall off rapidly. To combat rapid decline, the industry has
learned to vastly increase the well-bore access to the reservoir by drilling
horizontal wells with very long laterals and precisely controlling stimula-
tion energy to create cracks deep into the reservoir over the entire length
of the lateral. This technique results in vast volumes of shale that are “a
short distance” from a flow channel with approximately infinite
permeability.

Hydrocarbon liquid-rich fluids: The fluids are as much a mixture as the
lithography. We find thermogenic gases (i.e., primarily methane that has
resulted from heavier hydrocarbons modified by heat and pressure), bio-
genic gases (i.e., gases from contemporary biological activity), and a range
of hydrocarbon liquids and water. Many of the shale plays have been cate-
gorized as “liquids-rich” gas wells. Other plays are “dry gas.” Still others
are “gassy oil plays.”” Regardless of how they are categorized, multiphase
flow and flashing/condensing hydrocarbons create a challenging flow
problem. It is common for cooling in the well-bore to create paraffin and
hydrate problems in tubing and production equipment. Keeping oil tanks
hot to minimize paraffin accumulation generally results in excessive flash-
ing of natural gas liquids (NGL)-weight hydrocarbons (and accompanying
lost sales and environmental exceedances).

Processes and procedures to deal with liquids-rich environments will
be discussed in the well-site and gathering chapters. For a reservoir dis-
cussion, it is enough to know that liquids-rich fluids are common in shale
plays and that the reservoir is going to give you what the reservoir is will-
ing to give you.

Shale mechanical characteristics: Shale plays tend to be very thick. It was
long thought that shales thinner than 300 ft (90 m) would not be com-
mercial. Some wells in the Marcellus Shale encountered individual pro-
ductive intervals over 1000 ft (300 m) thick. This thickness suggests that
the wells could easily have very long productive lives (upward of 100
years in some of the plays). As technology evolves to optimize comple-
tions in the very thick shales, it will likely become economic to develop
thinner shales, opening up many millions of additional acres of potential
shale development.

Shale tends to be quite hard and brittle. This characteristic suggests
that hydraulic fracture stimulation should have the dual benefit of break-
ing a lot of shale with the applied pressure and the ability to prop open
the fractures with proppant is quite effective.
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Shale conclusion: Shale gas is still in its early stages. We don’t:
* know how the wells will respond over time;
*  know how the water rates will change with time;
* have a clear strategy for what pressures will be required over time;
* know how we are going to do midlife and late-life deliquification.
Some of this information may require 30—50 years to develop.
Beware of the idea that you can design a shale field once and the facilities
will last forever—as an industry we will make just about as many mistakes
in shale as we made in CBM, but hopefully they will be different
mistakes.

1.7 RESERVOIR DEVELOPMENT

As a reservoir moves from a “prospective resource” to “proved and
developed reserves,” it has to move through several stages of evaluation,
data gathering, evaluation, test drills, evaluation, and market assessments
(Fig. 1.17). The current economics are considered at each stage to deter-
mine what the project is potentially worth. For onshore gas-field

Possible reserves \‘,\\Con’ringen’r resource

Sy,

o
N0/
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Contingent resource

- Well completed for production
o Core hole or well not completed
O Facilities authorized or under construction

Figure 1.17 Types of resources.
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development in a place with reasonable access to oil-field workers and
adequate takeaway pipeline capacity, this can be a reasonably contained
and quick process. For something like the Marcellus shale where the
developers had to create an employment, processing, and takeaway infra-
structure, it can take decades.

1.7.1 Types of resources

The steps that a new field goes through from an idea to a resource are: (1)
prospective resource; (2) contingent resource; (3) possible reserves; (4) prob-
able reserves; and (5) proved reserves. Each of these terms has a specific
definition, the only one that impacts a company’s net worth under
Securities and Exchange Commission (SEC) guidance is the last one.

Prospective resource: At this stage work has been limited to a geologist
studying maps and possibly visiting the site to evaluate rock type, surface
indications of faults, or domes. The company may or may not even own
mineral rights in the area.

Contingent resource: Once the geologists convince their management
that there is enough evidence on the ground to be intrigued, the com-
pany starts spending money. Frequently this money is spent on things like
seismic, aeromag surveys (i.e., searching magnetic anomalies from air-
planes), studies of existing infrastructures, assessing mineral ownership,
and engineering guesses about the cost to develop. All of this work is fol-
lowed by the first of many economic evaluations, generally called “scop-
ing economics,” this stage defines the field as “discovered.”

Possible reserves: If the scoping economics meet the company hurdle
rates (most don’t), then the evaluation continues with some amount of
drilling-rights acquisition, drilling core holes, more detailed infrastructure
assessment, and the second economic analysis, generally called “prelimi-
nary economics.” It is common at this point to begin quietly acquiring
mineral rights which may or may not ever become a producing entity.
This stage and the previous two stages represent “exploration.”

Probable reserves: If the preliminary economics indicate that the play
might have merit, then work moves to probable reserves. During this
stage it is common to drill pilot wells, do a detailed infrastructure feasibil-
ity analysis, and run detailed economics. At the end of this step, a memo
version of reserves can be placed on the books, but these “indicated addi-
tional” reserves do not add to the financial position of the company. This
stage represents “appraisal.”
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Proved reserves: When you are drilling production wells, building
pipelines and processing facilities, and have committed the money to
make gas and/or oil sales possible, then the company can book reserves
that do actually affect the value of the company. The rules for booking
“reserves” are very detailed and quite complex and have considerable
variation from country to country. In general the details vary, but the
central issue is constant—money. Your field does not have to actually
be on production, but you need to have let contracts, scheduled work,
and committed funds to field development before you can book any
reserves. The key element in determining the magnitude of the asset
you are going to create is that the hydrocarbons represented by the
booking must be: (1) able to be developed with existing technology
using already acquired acreage and (2) be worth more than the cost of
recovery. We could not have booked reserves for the Marcellus Shale
in 1940 because: (1) the expected price of gas was approximately zero;
(2) horizontal drilling technology did not exist; and (3) hydraulic frac-
ture stimulation had not yet been invented. At that time, while the
industry knew that there was a lot of gas to be recovered, these
resources would have failed both the “existing technology” and the
“economic viability” tests.

Proved reserves are further broken into the following:

* Proved undeveloped: resources under acreage that has been leased, has
been evaluated, but does not yet have funds committed to drill the
wells and/or develop the infrastructure. In many countries this cate-
gory cannot be reported to regulators and/or potential investors.

* Proved developed, nonproducing: leased acreage, some number of
wells drilled, infrastructure development underway (funds committed).
This is a financial asset.

* Proved developed: leased acreage, wells drilled (not necessarily all of
them), some amount of infrastructure completed enough to put the
acreage on production.

1.8 CONCLUSION

This chapter was not intended to turn facilities engineers into reser-
voir engineers; it was intended to help you master the concept that there
is little certainty in the calculations and predictions of the quantity,
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pressure, temperature, and fluid composition of the fluids that a facilities
engineer has to design for.

You need to think about building facilities that are extensible for the
case where the reservoir engineering prediction is one-fourth of actual.
You need to think about building facilities that are still profitable if the
reservoir engineering prediction is four times actual. No set of actual
conditions will ever exactly match your design parameters, and no one is
ever going to apologize for that. Often they won’t even be close. No sys-
tem you ever build will be suitable for a 16-fold variation in well perfor-
mance. It can’t be done. The only solution is to think about extensibility.
For example, you can use a 20-in trunk that was designed for 60
MMSCF/day for 10 MMSCF/day if you understand that the fluid
dynamics in the line are closer to the fluid dynamics of a separator than a
pipeline and build a pigging capability to remove the liquid that will
inevitably collect. In the same vein, if you terminate your 4-in flow line
into an 8-in tee on the trunk, then you can economically extend the
capability of the flow line without having to shut the trunk down for the
new tie in if the expected 3 MMSCF/day well comes in at 15 MMSCEF/
day. We’ll talk about the details of both of these scenarios (and how to
deal with them) in later chapters.
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NOMENCLATURE
Symbol Name fps units SI units
A Area ft? m’
b Langmuir shape factor 1/psi
Cum  Cumulative production SCF
g Gravitational constant 32.174 ft/s° 9.81 m/s”
g Unit converter 32.174 ft-Ibm/s*-Ibf N/A (for now)
h Height ft m
1D Inside diameter in mm
Len Length ft m
m Mass Ibm kg
] Mass flow rate Ibm/s kg/s
MW Molecular weight Ibm/Ib-mole gm/gm-mole
MW, Molecular weight of air 28.962 Ib/lIb-mole 28.962 gm/gm-

mole
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(Continued)

Symbol Name fps units SI units

n Number of moles

OGIP  Original gas in place SCF

P Pressure psia kPaa, bara

P Average reservoir pressure psia

P; Initial reservoir pressure psia

q Volume flow rate at standard SCF/day SCm/day
conditions

R Universal gas constant 1545.3 ft*Ibf/R/ 8.314 J/K/mole

Ib-mole

R Specific gas constant for air 53.355 ft*Ibf/R/Ibm 287.068 J/K/kg

R Specific gas constant for any R/ SGgas R/ SGgus
specified gas

SG Specific gravity None None

T Temperature R K

Z Compressibility None None

v Velocity ft/s m/s

|4 Volume ft’ m’

V Coal gas content SCF/ton

14 Volume flow rate at actual ft'/s m’/s
conditions

y Mineral matter free mass Fraction
fraction

K Permeability D D

I Viscosity cP cP

p Density Ibm/ft’ kg/m’

Plang Rock density gm/cc

o Interfacial tension

OP/0x Change in pressure per distance psi/ft kPa/m
unit

Subscripts

ASL  Above sea level

atm  Atmospheric

gas  Variable is referring to the gaseous phase

liquid Variable is referring to the liquid phase

SI Metric version of equation

std  Indicates variable is at standard conditions

unit  Indicates variable may be in nonstandard units

water Variable is referring to the characteristics of pure water at atmospheric

pressure and 60°F (15.6°C)
Upstream conditions, or first state
Downstream conditions, or second state
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§ EXERCISES

1. What is the difference between biotic hydrocarbons and abiotic
hydrocarbons and why should we care?

2. In a carbonate reservoir, the absolute permeability is 160 mD. The
effective permeability to oil is 128 mD, effective permeability to water
is 170 mD, and effective permeability to gas is 300 mD. What is the
relative permeability to oil, water, and gas as compared to absolute
permeability?

3. Is a pinchout a structural or stratigraphic trap?

4. What classification of reservoir would have “adsorption” as a signifi-
cant contributor to OGIP?

5. If a reservoir 1s located at 16,000 ft (4877 m) below ground level has
an initial reservoir pressure of 7135 psig (49.2 MPag), would it be
called “overpressured” or “underpressured” and why?

6. A company’s annual report lists several categories under the heading
“potential resources” including prospective resource, contingent
resource, possible reserves, probable reserves, and proved reserves,
which of these is considered a current financial asset?
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The discipline of “drilling” is thought by many to be the very heart of
‘without dril-
lers, you don’t have a way to access the reserves, so we are the most

3

the Oil & Gas industry. The mantra goes something like

important.” It is interesting that the same could be said for every disci-
pline (e.g., “without surface facilities you couldn’t get the product to
market”), but isn’t. Drilling is inherently dangerous work that requires
extreme discipline and focus. It is more common for a new engineer to
start as a driller and spend their entire career as a driller than for a new
engineer to spend a career in any other discipline (e.g., it is not at all
uncommon for an engineer to move between production, reservoir, and
facilities several times during a career).

The language of drilling is somewhat less accessible to outsiders than the
language specific to other disciplines, and the drilling community is consid-
erably less forgiving of errors in terminology than other disciplines. For
example, I once saw a driller ask a receptionist on her first day in the indus-
try “where is my wire?” When she asked “what wire?” he turned his back
on her and walked off without explaining that he was looking for the “daily
drilling wire” report from a drilling rig. This was an extreme example, but
not knowing what a “blowout preventer” (BOP) is or not knowing that a
“tower” is what the rest of the world calls a “shift” (i.e., a scheduled work
period) is unlikely to encourage a driller toward cooperation.

“Drilling” ends with a wellhead on top of a hole in the ground.
When the drilling rig is gone, a “completions rig” is brought in to run
any logs, perforate the casing, and/or install tubing. This chapter includes
both drilling and completions.

As a facilities engineer, I was never asked to do a casing design,
mud design, or bit selection, but knowing that these things have to take
place helped me to understand the constraints that the drillers put
on a construction schedule.

2.1 DRILLING ENVIRONMENTS

Potential oil and gas reservoirs exist in every environmental subclass
on earth. We have drilled on the ice in the North Slope of Alaska and
Siberia, in most of the world’s deserts, in deep (deeper every year) oceans,
swamps, and on top of high mountains.
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2.1.1 Onshore

Onshore drilling rigs typically have the benefit of space that few of the off-
shore operations have. Looking at onshore rigs makes it easier to visualize
the systems that must be present for any drilling operation. Much of the
onshore drilling equipment is truck-portable and can be moved from one
site to another with minimal disassembly. Reassembly at the next well is
a very well-defined process that tends to go in a predictable sequence.
Some environments and reservoirs are not suitable for drilling rigs opti-
mized for rapid disassembly/reassembly and these rigs are constructed in
place and a rig move is a major and very expensive event.

Onshore rigs are typically classified “singles,” “doubles,” or occasion-
ally “triples.” This refers to the height of the derrick. A single can fit one
joint of pipe between the traveling block and the rig floor. A joint of
pipe is averages 31.6 ft (9.65 m) long. This means that to trip pipe on
a Kelly drive single rig you have to stop at every joint to disconnect the
Kelly, add the next joint, and reconnect the Kelly. A double rig has room
to handle two-joint sections loaded in the pipe rack and has to stop dril-
ling to add pipe half as often. For deep wells this results in a substantial
time savings. For very deep wells a triple is cost-justified. Each step-up
in lifting-length adds substantial cost per day for rig rental while reducing
the number of days required to reach a target depth.

2.1.2 Offshore

Seventy percent of the earth’s surface is currently covered by water. That
number has ebbed and flowed over geologic time, and the coastlines have
changed dramatically many times. We find marine deposits in the Rocky
Mountains, and swampy deposits in deep water, but finding any given
type of reservoir is more likely (70% vs 30%) in the ocean than on land.
Consequently, offshore drilling, while significantly more difficult and
expensive than onshore drilling, has been a significant segment of Oil &
Gas drilling activities.

2.1.2.1 Fixed platform

In water up to about 1500 ft (450 m), it is often cost effective to attach
a platform to the seafloor. These permanent structures are used for dril-
ling, production, living quarters, and limited warehousing. Fixed plat-
forms have long been the staple of offshore reservoirs in shallow water.
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Wells drilled from fixed platforms typically have their wellhead above the
ocean surface accessible from the platform.

2.1.2.2 Jack-up rigs

Jack-up rigs are transported with their legs jacked up to the minimum
submergence and floated like a (very top heavy) barge. When the rig
reaches the target location, the legs are jacked down (with additional sec-
tions added as needed) to the seafloor. Each leg can be individually
adjusted for variations in the seafloor. Jack-up rigs are limited to fairly
shallow depths, typically less than 400 ft (120 m), by the number of leg
sections that can be transported. When a well is complete, a subsea well-
head is set and the jack-up rig is moved to the next well.

2.1.2.3 Semi-submersible rigs
Semi-submersible rigs have “legs” that are variable-buoyancy chambers
that can be flooded or evacuated to keep the surface of the platform level
and stable in unstable seas. The legs are evacuated to move the rig (creates
a very high center of gravity that makes them unstable in heavy seas).
When they are on location, the legs are flooded to the point that the sur-
face of the platform is slightly higher than the final target elevation. Then
multiple anchors are put out near each of the legs and set in the seafloor.
The rig position control is a marvel of engineering in that the buoyancy
of each leg and the tension on each anchor cable is independently
adjustable on a continuous basis to keep the platform stable, level, and
in place while a drill string is run to the seafloor and the well is drilled.
A string of pipe that long has some flexibility, but not enough to handle
the magnitude of swell or ocean current or storm winds, so the buoyancy
and anchor tension system must be very robust and flexible to keep from
shearing the drill pipe (or later production risers if applicable).
Semi-submersible rigs have been used in water up to 10,000 ft
(3050 m) deep. They are used for both drilling and production.

2.1.2.4 Drillships

As you can see from Fig. 2.1, one significant difference between drillships
and semi-submersible rigs is that drillships don’t use anchors to hold them
in place. To combat the forces of wind, current, and waves, they need
very flexible propulsion systems that can compensate for surge (movement
in the direction of the centerline), sway (rotation about the centerline),
and yaw (rotation about some moving vertical line through the center-
line) (Fig. 2.2). The propellers on drillships are independently powered
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Figure 2.1 Comparison of semi-submersible (left) and drillship
1 Drillship). Source: /Drillship (https://en.wikipedia.org/wiki/Drillship).
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Figure 2.2 Forces on drillship (Kongsberg Maritime SDP, 2003).

(Wikipedia,

via large electric motors and each screw can be rotated through 360
degrees to keep the ship in position. Less can be done about up and
down movement, so the drill string has compensators to keep from trans-

lating vertical movement of the ship to the bit.
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Drillships can be used in similar water depths as semi-submersibles.
They can either be just drilling or they can stay on location after drilling
is completed and become FPSO (floating production, storage, and off-
loading) facilities (when used as an FPSO they put out anchors to reduce
the precision required of the positioning system).

2.2 RIG COMPONENTS

Any drilling rig must have: (1) power, (2) the ability to raise and
lower drill string; (3) the ability to rotate a bit; and (4) the ability to circulate
drilling fluids. For onshore drilling the components look something like
Fig. 2.3. Offshore and extreme onshore (i.e., rigs configured for very deep
total depth or very challenging well fluids) rigs will have their components
laid out differently, but they all have to accomplish these four functions.

Offshore rigs will additionally have subsea and/or subsurface pressure
control and will tend to have multiple wells drilled from one surface
“location” to try to keep costs as low as possible (still very high).
An offshore drilling operation must also have the ability to transfer bulk
materials from barges/supply ships onto the drilling facility.

Figure 2.3 Land drilling rig components.
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2.2.1 Power systems

The power is usually provided by several diesel engine powered genera-
tors in parallel. Loss of power during a critical drilling evolution can be
exceedingly dangerous, so drilling rigs tend to have multiple redundant
generators. Rigs can either be primarily electric or primarily hydraulic.
The only major difference 1s that for an electric operation there will be a
control switch house to distribute the power load and for a hydraulic
operation there will be an additional (electrically driven) hydraulic pump
to transfer the energy to the various systems.

2.2.2 Lifting Systems

The derrick carries the weight of the drill string, holds the crown block
(Fig. 2.4), and holds pipe upright on Kelly drive rigs. The motive force
for the lifting systems is the draw works which have a limited ability
to store wireline. Excess wireline is stored in a spool off the dead line
anchor, so if the rig needs to change from running one joint at a time to
running several joints at a time, the extra wireline comes off of the
storage.

The fast line runs from the draw works to the first pulley on the crown
block. The wireline then runs down to the first pulley on the traveling
block, then back up to the second pulley on the crown block, etc. There
are typically five or more pulleys on the crown block and four or more

/ Traveling
block
\ Powered
Wire storage Deadline draw
\ works
anchor \\

Figure 2.4 Lifting systems.
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pulleys on the traveling block that results in the traveling block moving at
one fourth the speed of the fast line (for a four active pulley system) and the
force exerted by the hook being four times the force on the draw works.
The wireline goes over the last pulley on the traveling block and down to
the dead line, the dead line anchor, and the wire storage spool to anchor
the wireline. Weight on bit measurement is determined at the dead line
anchor (a critical parameter for drilling operations).

The hook on the traveling block holds the swivel which supports the
drill string. The traveling block does not rotate.

2.2.3 Rotating systems

Historically, all energy needed for drilling a well was applied from the
surface and the entire drill pipe, collars, and bit were all rotated together.
For vertical wells this leads to good, predictable, and repeatable results.
As the target location gets farther from being directly under the drilling
rig, it becomes more difficult to rotate from the surface. For one thing,
starting a deviation from vertical requires setting a down-hole mandrel
(called a “whipstock™) to point the bit away from straight down. For
another thing, the drilling path was largely controlled by adjusting the
weight on the bit. More weight on the bit tended to make a straighter
hole while increasing the torque (and therefore the energy cost) required
to drill while less weight on the bit tended to allow the bit to deviate so
as to take the path of least resistance. The balance between too much
weight and too little weight always was based on the Driller’s “touch” on
the rig. It often results in a straight hole, but not always.

To be able to drill high angle and horizontal wells, more control
is required, so rotating the bit from the surface is ineffective for these
sorts of wells.

2.2.3.1 Rotating from surface

For many decades, all drilling was done by rotary table rigs. Top-drive
rigs are becoming more popular as materials capability improves because
it allows fewer threaded connections to be made up each step (e.g., each
joint of drill pipe in a “single” drilling rig).

Rotary table: In rotary table drilling, a section of the rig floor is a rotat-
ing table. Within the rotating table is a “master bushing” that will rotate
with the rotating table and has a profile that will hold a “Kelly bushing”
that can be lifted out of the master bushing. In the center of the Kelly
bushing there is a rectangular or hexagonal hole that holds the “Kelly”
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and allows the Kelly to move up and down, but prevents it from rotating
independently from the Kelly bushing. One end of the Kelly is attached
to the “Swivel” on the traveling block and the other end is attached to
the drill pipe.

When the bit has advanced to the end of Kelly travel, the drill string is
lifted until the Kelly bushing is lifted from the master bushing and the top
thread on the drill pipe is exposed. “Slips” (i.e., a tapered mandrel that pre-
vents the drill pipe from falling when the Kelly is released) are installed in
the master bushing and the Kelly is unscrewed. Now a joint of pipe can be
added to the drill string and the Kelly can be attached to the new joint. At
this point the driller lifts the string to allow the removal of the slips and the
string is lowered back to the bottom of the hole, the Kelly bushing engages
in the master bushing and the bit can be rotated again.

Top drive: It is easy to see that running two joints of drill pipe at
a time (i.e., a “double”) would require significant additional height on
a derrick with a Kelly drive, in fact it would change the working
height from around 70 ft (21 m) to over 140 ft (42 m). For very deep
wells drilling from a single with a Kelly would take a very long time.
To facilitate deeper wells, the industry developed “top drive”. A top-
drive rig puts an electric or (more common) hydraulic motor on the
traveling block hook and attaches the drill pipe directly to the motor.
The rig still has a rotary table and still uses slips in a master bushing
to hold the pipe for adding or removing drill pipe from the string, but
it lacks a Kelly or a Kelly bushing. A double top-drive rig would have
the crown block about the same elevation as a single Kelly drive rig.
A triple top-drive rig would only be about 30ft (9.1 m) taller. A
15,000 ft (4570 m) vertical drill string is made up of about 500 joints
of drill pipe and drill collars. With a Kelly drive single, the last trip
into the well will have required setting slips 1000 times and making/
unmaking threads 1500 times. The same job with a top-drive double
would require setting slips 250 times and making/unmaking threads
500 times for a significant time savings.

2.2.3.2 Rotating in directional holes

Top-drive rigs have limited ability to control where the bit is or where it
is going at any given time. For vertical wells this limited control is gener-
ally adequate. For high-angle and horizontal wells it is far from adequate.
To get the control needed it was necessary to stop rotating the entire drill
string and just rotate the drill bit (Fig. 2.5). This was accomplished by
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using a progressive cavity pump (PCP, see Chapter 3: Well Dynamics) in
a unique configuration. Normally the rotor on a PCP is driven by a
motor, but pumping fluid into the PCP will tend to rotate it. Using this
characteristic, we are able to pump mud down the drill string, into the
pump and out the bit. As the mud goes through the PCP it forces the
rotor to spin, driving the drill bit through a transmission. A bent portion
of the string points the drill bit slightly off of the drill pipe centerline. By
rotating the string, the bit can be pointed in any direction.

Rotary Steerable Bit (RSS) technology was introduced by BP at the
Wytch Farm (United Kingdom) extended-reach wells in the 1990s
(PetroWiki Rotary Drilling). RSS technology is more complex than con-
ventional steerable methods, but results in better hole control. For those
interested in learning more about RSS, the reference given here contains
a good description.
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Well-Bore Construction (Drilling and Completions) 95

2.2.4 Dirill string

The down-hole portion of a drill string is generally similar for any type

of drive. The very bottom of the string is a drill bit. Selection of drill bits

is a very technical matter, four general types of drill bit are shown in

Fig. 2.6. For every general type of bit there are hundreds of variations

that are continuously changing as materials science evolves. A trip to

replace a broken or dull drill bit typically costs many times the cost of the
bit itself. The general types are listed as follows:

* Tricone bits are the most common historically, they are quite expensive
and are used with mud.

* Polycrystalline diamond compact (PDC) bits are much less expensive
than tricone bits and about as effective, they are taking over as the
most common drill bit.

e Air hammer bits are used without mud, and have an internal mecha-
nism to hammer the bit against the rock using airflow through the
drill string that is then used to carry drill cuttings up the well.

* Coring bits are used to extract intact sections of target formations for
laboratory analysis.

Above the bit you will have some combination of: (1) a down-hole
motor (only for directional wells); (2) measurement while drilling (MWD)

tools; (3) drill collars; and (4) drill pipe. Most of these are obvious (i.e.,

(B)

D)

Figure 2.6 Types of drill bits: (A) tricone bit; (B) PDC bit; (C) air hammer bit;
(D) coring bit. Source: Purchased from Adobe Stock Photos.
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drill pipe) or discussed elsewhere (i.e., down-hole motor and MWD). Drill
collars are the portion of this string that is not discussed elsewhere. Drill
collars are the length of a joint of drill pipe (but come in various lengths to
fine-tune weight on bit), they are hollow to allow drilling fluids to pass,
very stiff, and much heavier than drill pipe. Adding drill collars above the
bit will tend to keep a colinear force on the bit even if the drill pipe is not
straight in the well (putting a very long string of pipe in excessive compres-
sion will cause the pipe to act like a rope in compression and will wander
about the hole, but using inadequate compression will allow the bit to fol-
low the path of least resistance). Since the drill rig cannot “push down,”
drillers adjust the number of drill collars to get the weight on the bit to the
value desired.

2.2.5 Circulation systems

A 10-in (254 mm) diameter hole, 16,000 ft (4880 m) long has a volume
of 8700 ft* (247 m”) or a cube 21 ft (6.4 m) on a side. A major concern
while drilling a well is removing that volume of pulverized rock and dirt
from the hole. Removing the rock and dirt is done by the drilling fluid.
The functions of the drilling fluid include: (1) lubricate, cool, and clean
the bit; (2) control reservoir pressure; and (3) remove, transport, and
release cuttings.

The circulation system needs to have a way to separate the drill cut-
tings from the mud for reinjection of the mud. This is done in a device
called a “shale shaker” on the return line that mechanically removes the
drill cuttings and sends the mud back to be reinjected in the well. The
chemistry and density of the mud is frequently evaluated to ensure that
the required properties are maintained.

2.2.5.1 Drilling fluids

Drilling fluids are selected for compatibility with the expected formation
and the requirements for pressure maintenance. We generally assume that
the reservoir pressure will be close to the pressure exerted by a column of
brine (specific gravity of 1.07 Ibm/ft> (17.1 kg/m?)). In drilling terms this
is called 8.92 ppg (pounds per gallon (1.07 kg/L)). If the company desires
to drill a well “overbalanced” (i.e., with the drilling mud tending to flow
into the formation instead of formation fluid tending to flow into the
well-bore), then the driller will use a mud that is heavier than 8.92 ppg.
Conversely if they want to drill “underbalanced” then they will mix a
mud lighter than 8.92 ppg.
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Drilling fluid will either be “water based,” “oil based,” or “gaseous.”

Water-based drilling fluid: You start with water and add a drilling additive.
World Oil magazine publishes an annual list of drilling additives and the list
1s about 2000 elements. Categories of additives include the following:

* Clays. Bentonite is the most common, but there are others that are
used based on compatibility with the target formation. Clay is added
to increase the mud weight.

* Viscosity control. These chemicals are generally called “friction
reducers.”

* Shale stabilization. Shale often has hydrophilic (i.e., “water loving”)
clay which can swell when wet. We add potassium chloride (KCI) to
the water to reduce the affinity of the clay for the water.

» Corrosion control

*  Biocides

*  pH control

*  Defoamers

*  Emulsifiers

*  Fluid loss reducers

* Floculants. These chemicals (primarily calcium) are added to help the
drill cuttings clump for easier removal.

Any, none, or all of these additives will be present in the drilling fluid
on any given well. There are times that call for drilling with water with-
out any additives at all.

Oil-based drilling fluid: You start with a petroleum product (usually die-
sel, kerosene, fuel oil, or blends of these). Add chemicals from the catego-
ries discussed under ‘“Water-based drilling fluid” earlier. Oil-based mud
will do a better job of cleaning reservoir chemicals from the down-hole
equipment, less likely to swell shales, improved lubrication, and it allows
a higher penetration rate (more weight on bit).

Spills of oil-based mud carry with them an increased environmental
risk. If oil-based mud gets into an aquifer the impact is greater than
water-based mud. Finally, it is difficult to identify when/if reservoir oil
has entered the reserve pit (a good thing) with oil-based drilling mud.
Use of oil-based drilling fluids is becoming rare due to environmental
concerns.

Gaseous drilling fluid: The use of gaseous drilling fluid is usually called
“air drilling” and includes using high-pressure air, mist (i.e., water sprayed
into air), and various foams. Air drilling is used to alleviate concerns
about lost circulation of drilling mud into the formation (which can
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damage the formation) and to allow formation fluids to be produced
while the formation is being drilled.

Often, gas is saturated with water on the surface to: (1) minimize
evaporation of reservoir fluids; (2) improve lubricity at the bit; and (3)
suppress combustion. Air drilling is done with a hammer bit, so you cre-
ate an interesting environment down-hole by injecting air, adding
the potential for sparks by banging on solid rock with a steel bit, and
(hopetully) bringing in formation hydrocarbons. That sounds like a perfect
description of a completed fire triangle. To make matters worse, raising the
pressure of the mixture increases the explosive range (Fig. 2.7). We reduce
fire hazard by: (1) relying on the down-hole mixtures being “too rich to
burn”; (2) replace air with nitrogen, COs,, or methane; or (3) add enough
water mist to quench any fires that start. The last option is the most
common.

2.2.5.2 Pressure control
Pressure at the drill bit while mud drilling is a simple hydrostatic
gradient.
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Piitt = P2 h (2.1)

The density of the drilling mud controls the pressure at the bit:

e Pyuu > P, — mud will flow into the reservoir. This is called “over-
balanced drilling” and can result in formation damage, but keeps res-
ervoir fluids oft the rig floor.

e Py < P, — reservoir fluid will flow into well-bore. This is called
“underbalanced drilling” and results in a “kick” of reservoir fluids to
the surface.

* Pyy= P, — no net flow, and very unpredictable results.

Drillers adjust the density of the mud to manage hydrostatic pressure
at the bit.

Reservoir pressure is a function of overburden pressure at the depth
where the reservoir was sealed. The reservoir can move up or down over
geological time. Mud weight is designed for expected pressures, but sur-
prises are very common. If reservoir pressure is higher than the hydro-
static pressure on the bit, you can get formation fluids flowing into the
well-bore and see a kick on the surface. Fluids in the kick can be saltwa-
ter, liquid hydrocarbons, or gas. This flow can be excessive which will
result in blowing the mud out of the well and presenting the driller with
a “blowout” or an uncontrolled well. The first line of defense against
unpleasant surprises is mud weight. The second line of defense is the
“BOP” BOPs are designed to perform specific functions:

* Annular BOP (Fig. 2.8), numbers refer to detailed design within the
patent—hydraulic pressure is used to squeeze an elastomer around the
pipe in the hole.

* Hydraulic Rams (letters refer to Fig. 2.9).

a) Blind rams—rams have a straight profile and are designed to seal

with no pipe in well.

b) Pipe rams—each ram has a semicircle profile that is the same size

as the drill pipe to seal around the drill pipe

c) Shear rams—rams have a cutting profile designed to cut through

the drill pipe.

When reservoir fluids reach the surface as coherent volumes (as
opposed to being dissolved in the drilling fluid) it is called a “kick.” Not
all kicks are as dramatic as a blowout. Often the first evidence of a kick is
that the mud flow rate increases or pit volume increases or you see an oil
sheen on the reserve pit. Sometimes you will see gas bubbles coming out
of the mud (called “gas cut mud”). There are three general categories of
kick control:
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Figure 2.8 Annular BOP. Source: Khandoker, S. (n.d.). Patent US20080023917—Seal for
blowout preventer with selective debonding. Retrieved August 01, 2016, from https://
www.google.com/patents/US20080023917.

(©)

Figure 2.9 BOP rams. (A) blind rams; (B) pipe rams; (C) shear rams. Source: Wikipedia,
2 Blowout Preventer. (n.d.). Retrieved August 01, 2016, from https://en.wikipedia.org/
wiki/Blowout_preventer.
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Driller’s method—with the bit on the bottom, circulate reservoir fluid
out of the hole with the pump at half speed. Raise mud density to kill
weight. Circulate kill-weight mud.

Engineer’s method—with the bit on the bottom raise the weight
of the drilling fluid to kill weight. Circulate kill-weight mud.
Volumetric method—with the bit off the bottom you can equate
change in mud pit volume to a change in annular pressure. As gas
kick comes in, pressure increases. Reduce high casing pressure by
bleeding off a volume of liquid to allow controlled expansion. When
pressure stabilizes, trip pipe to the bottom and use one of the other
methods.

BOP stacks are activated when the fluid methods are ineftective.

g 2.3 HOLE TOPOLOGY

The traverse of a drill bit through the earth must be mapped

in three dimensions. To define a bottom-hole location, you need to

determine the following:

Surface location—latitude, longitude, and elevation above sea level of
the rig floor (historically designated as “Kelly bushing elevation” or
KB, even if it is a directional well and the Kelly is absent).

Kickoff point—this is the point below the surface location where the
bore purposely leaves the latitude and longitude of the surface location.
Azimuthal (compass) direction—this is the direction you would need
to go from the surface location to stand over the drill bit.

Build rate—this is a unique term to drilling. It is usually expressed
in degrees per 100 ft (degrees per 30 m) and it is a rate of change of
direction from the vertical. For example, if a tangent to the bit trajec-
tory was 25 degrees from vertical at 5000 ft and you had a 3 degrees/
100 ft build rate then at 5100 ft a tangent to the bit trajectory would
be 28 degrees from vertical. The higher the build rate, the higher the
“dog leg severity” and the more difficult the well will be to operate.
Inclination angle—the angle from vertical of the tangent that results
at the end of the build.

True vertical depth (TVD)—the depth of the bit without regard to
trajectory. It is measured from the surface location elevation so if the
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bit runs laterally under a large hill you do not add the height of the
hill to the surface location elevation to get the TVD.

Measured depth—basically this is the length of the drill pipe.
Horizontal displacement—distance along the azimuth from the surface
location to a point above the drill bit.

Lateral—the length of pipe running more or less horizontally and tan-
gential to the last build section.

Wells generally have one of four shapes as shown in Fig. 2.10.

Vertical type—the preponderance of the nearly 2 million Oil & Gas
wells in the world are vertical type. When we say “vertical type”
instead of “vertical” it is because no well is actually vertical, they all
have some amount of deviation caused by rate of penetration, weight
on bit, and natural discontinuities in the rock being drilled through.
The vertical type well was drilled without any purposeful intention of
deviating from vertical.

Slant “J” type—these wells are “kicked oft” using a device called a
“whipstock” that creates a pathway for the bit to move off of vertical.
We use slant “J” wells to reach specific bottom-hole locations that
cannot be reached with a vertical well (e.g., the target location is
under the grounds of a school). They are also used to create a side-
track to move away from bottom-hole location that was damaged.

“S” type—at times there are reasons to enter a formation with a vertical
bore, but circumstances make drilling a vertical-type well undesirable or
impossible. For example, when we started drilling the CBM wells in
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the San Juan Basin, the concept of “cavitation” (see later) had not yet

been invented so all of the early wells were cased and frac’ed (see later).

The industry quickly realized the benefit of the new technique and

many wells were reentered, sidetracked, and the new hole was cavitated.

We then learned that the coal was so weak that entering it at a high-

angle slant “J” configuration would not allow the hole to support itself

and the holes in those wells collapsed. This was corrected by drilling

“S” type wells and entering the coalbed with a vertical hole.

* Horizontal type—formations with low permeability have limited abil-
ity to flow reservoir fluids from the reservoir into the well-bore.

In many of these formations you can increase the recovery by drilling

horizontally through the formation and then opening the entire length

of the lateral to the well-bore.

We choose to deviate from vertical wells for a number of reasons. We
discussed inaccessible surface locations and sidetracking earlier. We can
also use one of these general types of wells to access multiple bottom-
hole target locations from a single drilling location (i.e., multiwell pad or
platform).

Control of directional wells has gotten so advanced in recent years
that it is common to be able to hit a target circle less than 1 ft (305 mm)
in diameter from hundreds or thousands of feet away. This control makes
it possible for one well to intersect the well-bore on another well from a
considerable offset distance. For example in the event of a blowout with
damaged casing, you can drill a “relief well” to intersect the damaged
well to pump cement to kill the blowout.

g 2.4 WELL-BORE TUBULARS

The size designation of all Oil Country Tubular Goods (OCTG) is
based on outside diameter, weight per foot, material strength, and
end finish (e.g., type of threads). Nominal 2-in (50 DN) tubing is called
“2-3/8. One very common inside diameter is 1.996 in (50.7 mm) which
is designated “4.7 Ibm/ft” (it doesn’t have to make sense, you just have to
recognize it). The pipe grades come in two parts, first there is a letter
then a number (e.g., J55 or N80). Each letter designation refers back to a
specific metallurgy specified in APl 5CT. The number is the nominal
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EUE
Figure 2.11 OCTG end connections.

yield strength of the steel (“55” is 55 ksi (379 MPa) yield strength, and
LS125 would be a non-API composition specific to the Lone Star Steel
subsidiary of US Steel with a yield strength of 125 ksi (862 MPa)). The
end finish would be things like T&C (threaded and coupled), EUE
(external upset end, meaning that the OD of the female threads is greater
than the OD of the rest of the pipe, see Fig. 2.11), Buttress (a specialty
thread used for increased strength), etc.

Tubing, liners, and casing all come in nominal 30 ft (9.14 m) lengths.

We put pipe into wells to support both the drilling activity and the
production activity. During drilling the casing carries the BOP, prevents
well-bore collapse, contains and conducts the drilling fluids, and guides
logging/completion tools to target locations.

During production the well-bore tubulars contain reservoir fluids and
keeps them out of up-hole formations, carries the weight of wellhead
equipment, and reduces corrosion risks.

Well-bore tubulars include casing, liners, and tubing. Casing is always
cemented in place. Liners may or may not be cemented in place. Tubing
is not cemented in place.

2.4.1 Casing/Liners

The various strings of casing or liners (Fig. 2.12) in a well are each there
for a reason. Some strings are there to protect the environment from the
drilling/production fluids while some strings are installed to protect
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Figure 2.12 Down-hole tubulars.

formations above the target zone from excessive hydrostatic pressure and/
or to prevent losing drilling fluids into up-hole formations. For example,
many CBM plays lie on top of conventional and tight gas plays. As we’ve
seen, the coal is not mechanically strong and can be fractured with rela-
tively low imposed pressure. To keep from losing drilling fluids into the
coal it was common when drilling through the coal to either set casing
across it or to significantly lighten the mud density or both.

2.4.1.1 Casing design

Designing casing is a technical subject that must consider many factors.
Fig. 2.13 describes the broad outlines of the process. The “boundary con-
ditions” include the strength of the various rock strata, pore pressures in
the strata, mud weights, geology, directional well plan, drilling fluid
design, and the expected corrosiveness of reservoir fluids.

The “jewelry” being considered includes logging tools, testing equip-
ment, production equipment, and contingencies. Production equipment
is an important consideration. If the expectation is that the well will
eventually have an electric submersible pump (ESP, see Chapter 3, Well
Dynamics) and the expected liquid volumes from the formation require a
pump with a 6-in (152 mm) outside diameter then casing or liners smaller
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than 6-in would require changing the production plan to equipment that
will fit (and will likely be more expensive or be unable to pump required
volumes).

The load cases include drilling mud weight, string weight, and reser-
voir pressure. When doing load calculations you have to consider internal
and external axial loads, net burst, and collapse loads.

2.4.1.2 Cellar

Often the first step in drilling an onshore well is to dig a “cellar.” The
cellar is a box that provides space below the rig floor for the BOP and
casing hanger(s) and holds the drilling fluid returns while drilling conduc-
tor pipe and surface casing. Cellars can be lined with just about anything
from prefabricated cement boxes to wood-lined holes or holes lined with
corrugated metal culvert material.

2.4.1.3 Conductor pipe

When you look at historical well records, you see a “spud date.” That
is the date that the conductor pipe was started into the ground. If the
well will have a cellar it is dug and lined prior to spudding the well. In
unconsolidated surface formations, the conductor pipe can be “spudded”
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(hammered) into the ground, in other formations conductor pipe is
drilled with the drill cuttings and mud return being accumulated in the
cellar. Conductor pipe is set deep enough to allow later strings to be
started in consolidated rock. Depths of 40—300 ft (12.2—91.4 m) are com-
mon. The conductor pipe is cemented to surface. The primary purpose
of conductor pipe is to allow mud returns to be directed to the pits.
Conductor pipe is not load bearing.

2.4.1.4 Surface casing

Surface casing is run through the conductor pipe and set deeper than any
potential aquifers. It is not uncommon for companies to use a different
drilling fluid for surface casing than for the rest of the well because con-
tamination of a drinking water supply with oil-based mud (for example)
would be exceedingly difficult to mitigate and would be potentially haz-
ardous to the public. Once surface casing is set, it is cemented to surface
and it is common to run cement bond logs (CBL) (see later) on the sur-
face casing to ensure that it is protecting up-hole formations from subse-
quent drilling activities. Surface casing is therefore both to protect the
aquifers and to prevent the aquifers from introducing uncontrolled water
into the drilling mud and changing its properties. Surface casing is load
baring, and has a flange at the top to hold the casing hanger for later
intermediate and/or production casing (Fig. 2.14).

3

Casing Wing
Valve
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Hanger

(Window cut in
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Figure 2.14 Wellhead.



108 Practical Onshore Gas Field Engineering

The area between the surface casing and the intermediate casing
is known as the “bradenhead.” Pressure in the bradenhead is the primary
indication of a poor or failed cement job on the intermediate or produc-
tion casing. The bradenhead pressure is closely monitored during stimula-
tion activities and periodically during the life of the well.

2.4.1.5 Intermediate casing

Intermediate casing (not shown in Fig. 2.14) is run inside the next larger
casing (either surface casing or an up-hole section of intermediate casing).
It is used to protect up-hole strata from the weight of mud required for
pressure control in the target formation. Intermediate casing is hung from
a casing hanger at surface and is installed past troublesome zone(s). There
can be multiple intermediate strings on very deep or very complex wells.
Intermediate casing is usually cemented to surface or above the casing
shoe on the next larger string, but it can be un-cemented in certain
situations.

2.4.1.6 Production casing

Production casing is the final casing run and is hung from a casing hanger
on the surface. In conventional wells the production casing is generally
set below the target zone, but it can stop above the target zone if
it is desirable to change drilling fluid for penetrating the target zone.
Production casing must be able to withstand full wellhead shut-in pres-
sure, full bottom-hole pressure, and any mud or workover kill-fluid
weight. It is common to flow reservoir fluids up the casing (or casing/
tubing annulus) so the production casing must be compatible with
expected reservoir fluids. Production casing is cemented to surface.

2.4.1.7 Liners

If part of the well-bore tubulars is hung from some point in the well
below the wellhead, then it is called a “liner.”” The top of the liner is set
inside a casing string and a liner can be cemented or un-cemented.
People run liners that are unperforated (i.e., simply joints of pipe), slotted
(slots are filled with some friable material that is supposed to be knocked
out by dropping a tool in the well), or pre-perforated (which requires
killing the well to run or remove).
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2.4.1.8 Wellhead

Once the surface casing is set, a flange to attach the casinghead to the sur-
face casing is attached either by threads, butt weld, or socket weld.
Fig. 2.14 shows many of the typical components of a wellhead. If there
were intermediate casing string(s) then each string would have its own
casinghead and casing hanger. As you can see, the production casing ends
in the tubinghead and is sealed from the production tubing by the tubing
hanger assembly. The wing valve allows the annulus to be connected to
a sales line. The wellhead is installed in stages. The largest casinghead to
be used is bolted onto the surface flange after the surface pipe is cemented
in the well (but before the cement plugs have been drilled out). The
BOP is bolted onto the casinghead for the next drill section. When the
largest production casing is hung from the first casinghead and cemented
in place (but before the cement plugs have been drilled out), the BOP is
removed and the next casinghead is installed, the BOP is reinstalled, and
the cement plug is drilled out. In this manner the wellhead is installed in
stages as the well progresses.

2.4.1.9 Tubing
Tubing is not normally put in the well by the drilling rig and will be dis-
cussed later.

g 2.5 CEMENTING

Cement is put into the well to provide zone isolation and segrega-
tion, corrosion control, formation stability, pipe strength improvement, to
prevent migration of fluids into the pipe-to-dirt annulus, and to provide
structural support for the casing string. The conductor pipe and surface
casing are always cemented to surface. Intermediate strings are sometimes
cemented to surface, but are often only cemented to a few joints above
the casing shoe of the next bigger pipe. Production casing is normally
cemented to surface. When it is not cemented to surface it is difficult to
prove that produced fluids have not migrated into potable water aquifers.

’

In general terms cementing is either “primary” or “remedial.” In pri-
mary cementing the cement exits the tubulars through the lower end. For

remedial cementing the cement generally leaves the tubulars through
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holes cut into the pipe for the purpose of placing cement into intermedi-
ate location(s).

The majority of the cements used in oil and gas wells are based on
Portland cement (limestone) made up of at least two-thirds (by mass)
calcium silicate (CarSiO4 and Ca3SiO,). “Cement” in this application

2

is not ‘“concrete” because there is no sand or gravel in the mix.
Properties of the cement slurry depend on its components and addi-
tives (things like accelerators to make it cure faster, retardants to make
it cure slower, friction reducers, etc.). The fineness (and consistency) of
the grind and impurities in the water impact both the cure time and
ultimate strength of the cement.

The chemistry of cementing is complex and allows for a wide range
of properties of the slurry and of the cured pour. The industry has been
refining groupings of mixes to accomplish specific tasks in specific envir-
onments since American Society of Testing and Materials (ASTM) first
published the specifications for five types of cement in 1940. The
American Petroleum Institute (API) issued API Code 32 in 1948 (it
later became API RP 10B in 1952) to define properties and
suitable environments for the five classes (increased to six classes in 1952).
In 1953 the document was upgraded from a “Recommended Practice” to
a “Standard” (API Std 10A). In 1972 the “Standard” became a
“Specification” (the highest designation in the API list of document types,
specifications are generally very proscriptive, mandatory, and don’t leave
much room for interpretation). In 2000 ISO published API Spec 10A as
ISO 10426. API Spec 10A has eight classes of cement designated “A”
through “H” (a ninth class designated “J” has been in use, but it is not
described in API Spec 10A).

Classes A, B, and C are classed as “construction cements” and
have the characteristics of ASTM C150 cement types. These are only
suitable for shallow wells (down to 6000 ft (1830 m)) and are rarely used
down-hole (tend to be used where Classes G and H are not available to
meet a drilling schedule or the job is such low pressure/temperature that
widely available local ASTM Type V cement can be substituted for
a much lower cost).

Classes D, E, and F were designed to be specific to high-pressure and
-temperature environments (deeper than 6000 ft (1830 m)), but were
abandoned in the 1980s when it was found that the desired properties
were more economically achieved with additives introduced to the mix
on site.



Well-Bore Construction (Drilling and Completions) 111

Average fineness
100%

Thickening time Early strength
Densit Maximum — Class G
ensi -
Y depth — Class H
Press Sulfate resistance

Temperature

Figure 2.15 Cement comparison.

API Spec 10A describes the chemistry of the various classes, and
Classes G and H have identical definitions. Looking at other sources, you
find that Class H is a slightly coarser grind and takes a bit less water to
form a slurry (resulting is slightly higher slurry density). There is
a considerable published performance data for Class G and H cements,
and a very wide range of results for any given parameter. Fig. 2.15 is an
attempt to synthesize all of these divergent sources into a single picture,
and it should be taken with considerable skepticism.

Something like 80%—90% of cement jobs in Oil & Gas use Class G
cement. Both Classes G and H can be used with additives like accelerators
and retarders.

Class J was developed for deep, high-temperature/high-pressure appli-
cations and is not included in API Spec 10A.

Additives are generally categorized as:

* Accelerators: purpose is to reduce cement setting time and speed up
the development of compressive strength. Primarily used in shallow,
low-temperature wells.

* Retarders: purpose is to extend cement setting time to allow enough
time for slurry placement in deep wells.

* Extenders: purpose is to make the cement go farther and are used to
reduce the density when cementing weak formations where full-
weight cement would break down the formation.

*  Weighting agents: purpose is to increase cement density for cementing
high-pressure reservoirs which might become unstable if slurry density
is too low.
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* Dispersants: purpose is to reduce the viscosity of cement slurry and
ensure good mud removal during placement.

* Lost-circulation material: purpose is to reduce the amount of cement
lost to weak formations.

* Special additives: these chemicals include antifoam agents, corrosion
control, etc. and are used for designated purposes.

The quality of water required varies widely depending on the cement
performance required. There are examples of using seawater, brackish
water, and of course potable water. Each water quality requires different
additives and results in different properties. The properties (especially
density) are checked periodically during the cement job.

2.5.1 Mixing

Cement is mixed with either jet mixers or batch mixers. Jet mixers are
used for almost all large jobs and combine cement, water, and additives in
a single pass operation. Batch mixers allow closer control of properties in
critical, small jobs. You can extend the open time of batch jobs by rotat-
ing the mix in large tanks, but you can still only mix a limited amount at
one time.

Bags of dry cement are cut open on the installed blade on the cutting
table and emptied into the hopper. Water is pumped from the supply
source into the jet pump (see Chapter 3: Well Dynamics for a discussion
of jet pump operations and capabilities) that pulls on the dry cement in
the hopper. The sizes of the nozzles in the pump ensure the ratio of water
to cement. After the divergent nozzle in the jet pump, there is a port to
pump in any additives that are required. The slurry empties into the
slurry tub which serves as the suction vessel for the slurry pump.

Optimum ratio of water to cement is a compromise. Free water results
in separation occurring at the top of a long column or creating pockets in
the sheath. Pockets contribute to annular gas leakage and other annular
flow problems.

2.5.2 Placing cement

The initial cement job fills the annular space between the casing and the
hole from the casing shoe to the surface or a point several hundred feet
above the zone that must be isolated. The first cement job is called pri-
mary cementing and its success is absolutely critical to the success of sub-
sequent well control and completion operations.
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Primary cementing either places a sheath of cement the entire length
of the casing string (called “cementing to surface”) or to a point some
distance above the casing shoe of the next largest casing. The quality of
the cement job is evaluated with various tools (see later) and if portions
of the job do not meet the quality requirements then the job can be
repaired using a technique called “squeeze cementing.”

2.5.2.1 Primary cementing

The bore hole must be larger than the pipe or the pipe will not go in.
The entire bore hole is full of drilling fluid when the casing is run
in the hole. All of the drilling fluid (both inside and outside of the cas-
ing) must be removed from the well before the primary cement job
will be effective. To accomplish this, a hollow “bottom plug” made of
resilient material that conforms to any irregularities in the casing and
wipes the casing wall is put in the well and chased with cement. Often
a fluid is run on top of the mud and below the bottom plug to help the
bottom plug remove all of the mud from the casing walls. When the
bottom plug reaches the bottom of the casing (called the “casing
shoe”), it stops and an internal rupture disk fails and allows the cement
to flow through the hollow core of the bottom plug and into the annu-
lus. At the calculated end of the volume required, a solid core “top
plug” is run to push the cement out of the casing. When the top plug
is against the bottom plug, pressure increases abruptly and the driller
knows that the top plug is on the bottom. Both plugs can then be
drilled out.

Filling the entire annular space between the bore hole and the casing
with cement is crucial to the functions of a primary cement job. If the
pipe is close to the borehole on one side (Fig. 2.16) then it is common
for the cement to fail to displace the mud. Since the mud is not designed
to perform the functions of a primary cement job, this can be a major
problem. Off center pipe is corrected using centralizers.

In a normal cement job, you have the full hydrostatic pressure of
the column of cement from a given formation to surface. When a weaker
seam is in the cemented interval this pressure can be too high, and
cement can flow into the formation. When there is concern about the
mechanical strength of a given formation, the driller can use down-hole
tools to do the job in two stages. The first stage is conventional and fills
the annulus from the bottom. When the first stage cement should have
reached the location of the ports for the second stage, stop, set a packer,
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Figure 2.16 Uncentralized cement job.

and reposition a down-hole fitting to open ports in the production casing
to allow the cement to enter the annulus from the location of the ports
and rise to surface with much lower hydrostatic pressure. When the
cement job is finished the ports are closed to maintain the steel/cement
isolation system in that location.

2.5.2.2 Remedial cementing

The repair job is referred to as squeeze cementing. In a squeeze job,
cement is forced into the zone through perforations, ports in tools, holes
in casing produced by corrosion, or through the clearance between
casing-overlap liners or strings. Although squeeze cementing has become
commonplace, it is expensive and its use can be minimized through
improved primary cementing procedures.

It is used to repair a primary cement job, repair a casing failure, or to
seal oft depleted zones to allow other zones to produce. A squeeze job
requires perforating the casing (see later for a discussion on perforating)
and setting a tool to force the cement through the perforations.

Squeezes are either done at high pressure or low pressure. High-
pressure squeezes expect to fracture the formation and fill the voids devel-
oped with cement and a large fluid loss is expected. Low-pressure
squeezes have a more controlled amount of cement and are not expected
to fracture the formation.
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2.5.2.3 Liner cementing

Cementing a liner requires special equipment and techniques to obtain
a seal in the close clearances between the liner and the casing string. The
types of jobs are “Modified Circulation Job” which is similar to
a squeeze, and “Puddle Cement Technique.” Under the puddle technique
you spot cement in the open hole with drill pipe, and then put the liner
in the cement “puddle” Puddle jobs are generally less effective and are
only used with short liners.

2.5.3 Cement evaluation

The cement job is the primary assurance that groundwater will not con-
tact well-bore tubulars and the secondary assurance that reservoir fluids
will not contact groundwater. There are many things that can go wrong
with a cement job, and the industry has developed extensive processes to
predict the effectiveness of a cement job.

2.5.3.1 Pressure test

Once cement has set, the casing hanger is installed under the BOP, then
a drill bit that will fit through the casing is run to drill out the plugs and
the casing shoe and slightly into the formation below the casing shoe.
At this point the casing is tested under pressure to ensure that a leak-tight
cement job has been obtained. If the pressure test does not hold,
the cement job is evaluated for the various problems discussed later and
problem areas are squeezed and the casing is retested.

2.5.3.2 Temperature log

The action of curing cement is significantly exothermic. For something
like 12—24 hours after a cement job, a simple down-hole temperature
indicator can show you the top of the cement, but it cannot indicate how
well the cement has filled the voids or bonded to the pipe/borehole.

2.5.3.3 Radioactive log

Sometimes radioactive tracers can be added to the cement slurry to iden-
tify where the cement is and isn’t using a radiation counter. This works
best in areas with low background radiation.

2.5.3.4 Cement bond log
This is basically a sonic (acoustic) tool run on a wireline. It indicates qual-
ity of the cement bond both to the pipe and to the borehole. The
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distance between the transmitter and receiver is about 3 ft (1 m) and
the time it takes for a signal to reach the receiver and the amplitude of
the returning signal indicate bond quality.

2.5.4 Drilling wrap-up

During drilling, various ancillary activities may-or-may-not, must-or-
must-not take place. For example, it is becoming common on deviated
wells to run logging tools immediately above the drill bit to assess the
down-hole environment in real time. This 1s called “logging while dril-
ling (LWD)” or “MWD” and is discussed later. If caliper logs (Fig. 2.17)
are run, they have to be run while the drilling rig is on the well because
they have to be run in the uncased hole. Logging is generally considered
a post-rig-down activity since having the drilling rig on location while
running logs, perforating, or running tubing is expensive when these
activities can be done from less capable (and cheaper) equipment.
[t is common to set the tubinghead and tubing master valve(s) with the
drilling rig, but installing the rest of the “Christmas tree” of valves and
interconnections is usually left for a workover rig.
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Figure 2.17 Mock-up of caliper log.
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2.6 LOGGING

Logging tools can be used to estimate the formation density, poros-
ity, permeability, type, natural fracture orientation, pressure, fluid (oil, gas,
water) content and proportions, and temperature. Logging tools can also
gauge the inside diameter of the raw well-bore. Logging tools are gener-
ally either electrical, sonic, or nuclear.

2.6.1 Electrical

Conventional electrical logs are run on a wireline and are capable of real-
time data acquisition on either the trip into the well or the trip out of
the well. These rigs have equipment to provide a precise location of the
tools being run so multiple logging suites can be depth-indexed.

2.6.1.1 Caliper

A caliper tool (Fig. 2.17) can be thought of as central body with some
number of spring loaded arms that have instrumentation to capture how
far each arm is from the central body. The arms tend to be installed
opposite of each other so that the central body position need not be con-
sidered. The tool is lowered into the open hole with the arms retracted
against the central body. On the bottom of the hole, the arms are released
and the hole profile is assessed as the tool travels up the well.

Tools with four or fewer arms give you an average inside diameter of
the hole. Tools with more than four arms can also give you ovality of the
hole which can be a good indication of formation anisotropy (e.g., the
rock has a different stress tolerance in one direction from the stress toler-
ance in the other direction) which can be important for perforation
orientation.

2.6.1.2 Acoustic (Sonic)

These tools measure a formation’s ability to transmit seismic waves to
allow the evaluation of porosity, lithology (or rock texture), and cement
condition. Transit time decreases with increasing porosity. Sonic tools can
be run in either open holes or cased holes.

2.6.1.3 Spontaneous potential
This tool measures the voltage potential difference between the formation
and a ground wire to surface. Surface ground is a zero baseline potential,
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and the reading from the formation can deflect in either the positive
direction or the negative direction. A potential difference is created by
salinity difference between the bore-hole and the reservoir, streaming
potential (i.e., an electrical current which originates when an electrolyte
is driven by a pressure gradient through a channel or porous plug with
charged walls), or electrochemical invasion.

2.6.1.4 Resistivity

The presence of liquids in a strata changes the resistance to current flow.
Oil and saltwater are conductors. Rock and pure water are insulators.
Resistivity logs are used in all formations to assess pay thickness. This is
the primary tool for identifying pay thickness in CBM wells since pure
coal is a very effective insulator and solid or liquid inclusions lower the
insulation value. A coalbed full of water has a distinctive resistance
signature.

2.6.2 Nuclear

Nuclear tools are used to evaluate naturally occurring radioactive material

(NORM) and the formation response to imposed radiation sources.

* Natural gamma—this tool does not have an inherent radioactive
source and is measuring the radiation given oft by the strata (certain
rock types have considerable native radiation). It uses the same tech-
nology as a Geiger counter.

* High-energy gamma—this tool bombards the formation with
gamma rays and measures the returns after Compton scattering and
photoelectric absorption. Compton scattering is an inelastic scatter-
ing of a photon by a free charged particle, usually an electron. It
results in a decrease in energy (increase in wavelength) of the pho-
ton (which may be an X-ray or gamma ray), called the Compton
effect. Part of the energy of the photon is transferred to the scatter-
ing electron. It is used to measure rock density.

* Compensated neutron (neutron porosity)—neutrons interact with any-
thing in their path. Oil and water give oft hydrogen under a neutron
flux. The tool measures the free hydrogen to determine porosity. In
addition to being effective in conventional formations, this tool is use-
ful in identifying coal seams. While coal actually has a very low poros-
ity, the neutron porosity log shows a very high porosity—an
indication that unconventional reservoirs still do need an unconven-
tional approach.
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2.6.3 Logging while drilling

Logging while drilling (LWD or Measurement while drilling (MWD),
the terms are used interchangeably) is a general term to describe systems
and techniques for gathering down-hole data while drilling without the
requirement to remove drill pipe from the well. LWD offers similar func-
tionality as wireline logging with differences in data quality, resolution,
and/or coverage. LWD tools are basically large, instrumented drill collars.
In general, the practice is to put the “most important” tools closest to the
bit. LWD tools can go anywhere that the bit can go, so they tend to be
significantly more effective in extended-reach-lateral horizontal wells.
They send their data to the surface using either pulses into the mud or
signals superimposed on the drill pipe. Because the environment on the
rig floor is so noisy, two-way communication is not possible and commu-
nication from the tool to the surface is very slow (1—2 bits of informa-
tion/second) (Table 2.1).

2.6.4 Production logging tools

Production logging is used for producing wells to gather dynamic perfor-
mance data used to optimize production or manage fluid profiles for
injection wells. The data is used to identify producing zones and the
fluids from them; detect leaks, low-pressure zones, or problem zones; cal-
culate flow rate contributions from individual zones; determine cross flow
between zones; and profile injection fluids. Production engineers call for
production logging when they want to profile production/injection, diag-
nose excessive water production, or diagnose mechanical problems like
blocked tubing. Common tools include the following:

Table 2.1 Wireline Logging vs LWD

Wireline

LWD

Small, light, delicate
Since the 1930s
Easy communications both ways

Powered through cable

Delays drilling while running

Limited to about 60 degrees from
vertical

Susceptible to poor hole condition

Big, heavy, tough

Since the 1970s

Limited communication up, none
down

Uses batteries and mud turbine

Transparent to drilling

Can go where the bit can go

Not concerned by hole condition
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* Quartz gauges—measure and record down-hole pressure and
temperature.

* Casing collar locator—uses magnets to locate collars, completion
items, and perforations.

» Capacitance—used to determine fraction of water in a liquid mixture.

* Flowmeters/spinners—used to determine flow rate into well-bore
(far more effective with perforations that with un-cemented
completions).

2.7 PRODUCTION COMPLETIONS

Production tubing is run into the well to facilitate production.
Fig. 2.18 shows some of the options that are seen with tubing. It can be
“packed” (i.e., a seal mechanism is installed in the tubing/casing annulus
to isolate the annulus from the reservoir) or “unpacked,” it can be a single
string or multiple strings, it can be large or small.

liner

Multizone Multizone
single tubing dual tubing

Figure 2.18 Type of completions.
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2.7.1 Tubing

Historically, “tubing” has been defined as “any well-bore tubular smaller
than 4-in nominal.” This definition is outrageously limiting and serves no
tangible value. In common usage, “tubing” is “any down-hole string which
1s hung oft from surface, not cemented in place, and whose inside diameter
is open to reservoir pressure.” Tubing can be any size, and set at any depth.

Both size and set depth should be chosen based on the needs of the
reservoir. This is an area that the Oil & Gas industry gets wrong more
often than any other. Competing forces of “it is just tubing, we can save
money by picking a single size/quality and sticking with it” and
“we always set tubing below the perfs” and “our policy is to always set
a packer above the producing formation” cause the wrong tubing to be
placed in the wrong location too often. In Chapter 3, Well Dynamics, we
will talk at length about how to select a tubing size and the costs/benefits
of various set-depth and packer strategies.

2.7.1.1 Stick tubing
For tubing we can change the tubing many times over the life of a well.
Stick tubing is OCTG as described earlier.

2.7.1.2 Coiled tubing
Coiled tubing comes in a long, continuous length wound on a spool.
It is straightened prior to pushing it into the well-bore. If it is removed,
it can be coiled back onto the spool. This pipe is bendable, yet stiff, and
can be pushed into the lateral on a horizontal well. It is increasingly used
for drilling, stimulations, logging, perforating, and fishing (i.e., retrieving
dropped tools and pipe in well-bores). It is also used in production
operations.

Spool sizes typically run from 2000 to 15,000 ft (610—4570 m) with
diameters from ¥ to 4% in (19—212 DN) and can be made of various
grades of carbon or stainless steel.

2.7.2 Completion options

Depending on the reason for drilling a well, the well test, and/or logging
results, we have the options of:

* plug and abandon the well,

* suspend the well as a future or possible production well,

* complete the well as a production or injection well.
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Completing the well includes perforating any pipe installed across tar-
get formation, sand control decisions (rare in unconventional gas), pro-
duction packer installation, installing the “Christmas tree” on the
wellhead, and installing the tubing string.

The boxes with the “x” in them in Fig. 2.18 indicate packers that iso-
late the tubing/casing annulus from reservoir pressure and any corrosion
risks posed by reservoir fluids. Packers are still reasonably common
in single zone oil wells and are generally used in multizone gas or oil wells
where the operator chooses not to (or is not allowed to) comingle the
zones down-hole. The reasons for not being allowed to comingle zones
down-hole generally relate to either regulatory proscriptions or to the
different zones having different ownership.

2.7.2.1 Open-hole completions

Generally for open-hole completions, the production casing is set above
the target zone and cemented into place. Further drilling extends the
well-bore into the target seam(s), and the extended hole is left open.

Open-hole completions have the following advantages: the entire pay
zone is open to the well-bore; perforating is not required; well can be
easily deepened; risk of formation damage from cementing is avoided;
and costs are reduced.

The risk of hole-collapse is very real in open-hole completions, so
production engineers are reluctant to run down-hole pumps or even pro-
duction tubing into an open-hole. If there are multiple seams in the
open-hole section, there is no effective way to control which seams will
receive any stimulation or cleanup treatments.

2.7.2.2 Uncemented liner completions

The risk of hole-collapse can be reduced by running a liner into the un-
cemented portion of the well. This completion type is very common in
weak formations like CBM or unconsolidated conventional formations.
The liner is hung from the foot of the production casing and is either
pre-perforated or perforated in place.

Pre-perforated liners have holes in them. This can be a problem if you
are running (or retrieving) a liner into (or from) a live well. As the per-
forations clear the stripping rubbers on the wellhead, you have a direct
path from the reservoir to the rig floor and many ignition sources.
Consequently you have to kill the well with some fluid prior to running
a perforated liner. Since many operators go far out of their way to avoid
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ever putting a foreign liquid on a formation like CBM, this is a pretty
major limitation in many operations. To get around this, operators either
run unperforated pipe and perforate it in place or run “slotted liners” (see
later), both of these solutions solve the problem of running the liner into
the well, but neither solves the problem of pulling a liner. There does not
seem to be a universal method recommended by the industry for pulling
a perforated liner.

There are a number of “slotted” liners on the market where the liner
is pre-perforated, but the perforations are filled with a friable material.
This allows the liner to be run without killing the well and once in place
the perforations can be opened by dropping a tool into the liner to knock
the plugs out of the slots.

Neither open-hole nor lined-hole completions are effective on wells
that have multiple pay-zones in a single completion interval that each
require a specific stimulation method. This is because the zones are never
homogenous and one of them will tend to break first and take the entire
stimulation while the other zones will not be stimulated as much as
designed.

2.7.2.3 Cemented casing completions

The most common completion has production casing run to the bottom
of the well-bore and cemented in place. After cementing (and logging),
a successful well will be perforated through the casing and the cement
sheath into the formation.

Cemented casing completions offer lower risk to rig personnel, better
control of inflow, and the possibility of selectively stimulating zones.
Disadvantages include restricting the flow path from the reservoir to sales,
expense, and risk of cement damage to formation.

Packed: Packed completions isolate the tubing/casing annulus from the
reservoir pressure and fluids. They are seldom warranted from a corrosion

3

or pressure viewpoint and in answer to the question “why is there a
packer in this well?” the usual answer is “just because that is the way we
do it.” Any activity in Oil & Gas that is only done because of “company
policy” or “tradition” is an activity that has not had adequate recent scru-
tiny. When you look hard at why people run production packers
in single-completion (or down-hole comingled) wells, the real answer
should have been “the company had a bad issue of corrosion in the casing
on a well (in another field on another continent) in 1963 and we contam-

inated a potable water aquifer and we are never doing that again.” This is
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a perfectly good reason to evaluate the reservoir fluids and metallurgy
choices in this well. It is not a good reason to install a packer. This
is more common in oil wells than gas wells, but gas wells do still get hit
with company policies that try to make them into oil wells.

Unpacked: The tubing/casing annulus is a crucial reservoir manage-
ment tool in gas wells (and is very useful in oil wells). As we’ll see in
Chapter 3, Well Dynamics, we can compare flowing tubing pressure to
shut-in casing pressure to determine a specific well’s ability to lift liquid
with gas flow. We can only do this if the annulus is open to the wellhead.
One of the questions that should always be asked in a production-
equipment audit is “why 1is in the well?” One of the first items
to ask about is production tubing. The usual answer on gas wells is “for
liquids management.” That is a reasonable answer, but the next question
should be “how does it provide that?” and generally results in a 1000 mile
stare and a bit of kicking rocks around in the dirt, but rarely a considered
answer. Production tubing and the tubing/casing annulus are tools of reser-
voir management only as long as they have a function and that function is
being exploited. It cannot be exploited with a packer in the well.

Multizone single tubing. It is common to treat a well-bore as an asset
and use the same hole in the ground for more than one producing forma-
tion. If the various formations in a well have different mineral ownership
(which is common in several parts of the United States, but rare outside
of the United States) then you have to keep track of what money is owed
to the owners of each formation as you start selling gas or oil. You can
accomplish this by putting a packer in the well above the lower formation
and below the upper formation. This allows the lower formation to flow
up the tubing and the upper formation to flow up the tubing/casing
annulus. The deeper zone has a reasonable chance of responding to
mechanical pumping, but the logistics to trying to pump the annulus pre-
cludes pumping it and the upper zone will typically be abandoned if
it starts having liquid-loading problems.

Multizone dual tubing: To allow a multizone well-bore to have full
access to the tools of production-management like mechanical pumps,
you have to run a second tubing string to service that zone. The upper
zone often has an upper packer as shown in Fig. 2.18, but that packer
is not strictly necessary.

Both types of multizone wells can allow the operator to make the
flow/no-flow decision for each zone independently. Completing a
well-bore that has multiple independent zones as a down-hole
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commingled well (i.e., there is no isolation between the zones) can

allow a lower-pressure zone to act as a “sink” or “thief zone” taking

production from the stronger seam. When this happens, it is common
to isolate the zones with a packer.

Horizontal: Horizontal wells are reasonably recent, and the industry
is still trying to work out how to balance costs with capabilities. Some of
the techniques that have been tried have included:

*  Open hole—this option sets production casing at the end of the build
section and drills an open hole to the lateral’s extent. With this tech-
nique there is no way to stimulate specific sections of the formation
and the risk of hole-collapse is too high.

* Uncemented liner—you can address hole-collapse with an uncemented
liner, but you still have no control over where a stimulation will go
(since the formation is open outside of the pipe). People try to address
the need to stimulate sections of the reservoir by setting “external casing
packers (ECP)” to allow them to put a temporary plug in the liner
to try to direct a stimulation job to specific portions of the reservoir.
ECP completions have not proven to be terribly effective.

* Cemented casing/liner—the pipe is run to the toe of the lateral and
cemented in place and perforated. This technique is the normal
method of completing most horizontal shale wells because they
require multistage stimulation procedures and this completion tech-
nique maximizes flexibility.

2.7.3 Perforating

For a conventional well, we set heavy-wall production casing across the tar-
get formation and then sheathe it in cement to make sure that no reservoir
fluids can get into the well-bore. This 1s useful for keeping explosive liquids
and gases away from the rig floor, but it is ineffective for production. To
make a cased well available for production, you have to make holes in the
casing and cement. Big holes. Many of them. Deep. Deeper than you
could get with a drill bit. We use explosive charges to make them.

The goal of perforating is to provide a clean flow-channel between
the producing formation and the well-bore while causing minimal
damage to the producing formation. The ultimate test of the effective-
ness of a perforating job is well productivity. Productivity depends on
perforation length, shot density, angular phasing (i.e., the direction that
the holes go relative to each other), perforation diameter, and how
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much debris is left behind. Each of these dependencies is further
dependent on external factors like the formation characteristics and the
importance of each changes from well to well.

2.7.3.1 Gun types

Perforating guns are usually made up of a number of shaped charges, but

there are some bullet guns for specialized applications. There are many

types of shaped-charge guns that can be used and they fall into about
three categories:

* Retrievable hollow gun—the charge is secured in a steel tube which is
sealed against hydrostatic pressure. When the charge blows, the tube
can expand and sometimes get stuck in the well and have to be milled
out. This is rare and these guns leave minimal debris in the well.

* Nonretrievable (expendable) gun—made up of individual sealed cases,
each containing a charge. Sealed cases are made of a frangible material
such as aluminum, ceramic, or cast iron. The case is blown into small
pieces that remain in the well.

* Semiexpendable gun—charges in sealed cases are secured on a retriev-
able wire carrier or metal bar. This configuration reduces the debris
left in the well and increases the ruggedness of the gun.

2.7.3.2 Conveyance methods
We deploy perforating guns either with a wireline or on a tubing (or
coiled tubing) string. When wireline deployment is used, it can either be
done before or after the installation of tubing. “Thru casing” jobs are run
before the tubing is installed and allow for the largest perforating gun that
can fit through the casing. “Through tubing” jobs are run through the
tubing and out the end and are limited in the diameter of perforating gun
that can be run, and this method allows the casing above the gun to be
isolated with inflatable packers to increase the force of the blast. Since it
is ineffective to push on a rope, perforating in horizontal and high-angle
wells often cannot be done with wireline-conveyed deployment. The
weight of the gun is also limited by the carrying capacity of the wireline.
Tubing-conveyed perforating allows casing-conveyed gun sizes to be
used with considerably improved control of placement, isolation from
the casing above the tool, larger perforated intervals can be shot because
the tubing has much more strength in tension than a wireline, better
isolation of reservoir pressure from the surface, and you can push tubing
into extended laterals. The downside of tubing-conveyed perforating is
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that it is more expensive to pull the tubing string than to spool up a
wireline. Using coiled tubing has all of the benefits of both wireline and
tubing-conveyed and is becoming very common.

g 2.8 STIMULATIONS

We saw in Chapter 1, Gas Reservoirs, that unconventional gas
reservoirs tend to have very low permeability which translates into
extreme difficulty for one unit volume of rock to communicate with the
next unit volume that there is a new place for the reservoir fluids to go.
The purpose of stimulating a well is get the word out to as much of the
reservoir as possible that there is a new place for the reservoir fluids to go.
If we look at a continuum of acceptability of stimulations, we see
(in order of technological acceptance by management):

* Cased, cemented, and hydraulically fractured

*  Open hole (or uncemented liner) and hydraulically fractured
*  Open hole (or uncemented liner) and “cavitated”

*  Open hole (or uncemented liner) and a “Mississippi Frac”

Virtually all conventional gas or oil wells are cased, cemented, and at
least evaluated for a hydraulic fracture stimulation (and most wells are
frac’d). Our industry understands this process very well and has a good
handle on troubleshooting frac problems and a good understanding of
suitable parameters and risks. The other techniques have none of this
comfort-making history.

2.8.1 Hydraulic fracture stimulation

Applying a force to a rock that is greater than the forces holding the rock
together will result in broken rocks. That force can be applied as fluid
pressure instead of a solid pushing against a solid. If you break rock with
a fluid that is filled with chunks of stuff, then the chunks might hold the
fractures open to allow fluids to flow through them for extended periods
of time.

Though the first well that was stimulated using modern hydraulic frac-
turing was Stanolind Oil & Gas (later to become Standard Oil (Indiana)
then Amoco then BP) Kipper Gas Unit No. 1 in the Hugoton field in
Kansas in 1947, the history actually goes back to the Civil War. In 1862
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during the battle of Fredricksburg, VA, Union Col. Edward Roberts
found that shooting an artillery shell into a body of water had an effect
that could fracture rocks that drained a canal and opened a previously
closed path of attack (Manfreda, 2015). In 1865 Roberts received US
Patent No. 59,936 that described using a “torpedo” to improve water
flow in an artesian well. This process was very successful even without
added proppant (other than fragments from the iron casing of the tor-
pedo) and Robert’s company quickly moved to stimulating oil wells for
$100—200 USD and 1/15th royalty on the production. The first modern
frac (i.e., using hydraulic pressure and proppants rather than explosives)
used 1000 gallons of gelled gasoline (commonly known today as napalm)
and sand into a limestone formation followed by a chemical to break the
gel. This process did not significantly improve production, but did spark
efforts to improve the process. In the 1960s Pan American Petroleum
(a subsidiary of Standard Oil (Indiana) at that time) used walnut shells in
gelled water to successfully stimulate wells in Stevens County, OK, and
the industry rapidly adopted this process (with other proppant materials,
Standard Oil (Indiana) held a patent on using walnut shells). This Stevens
County process was technologically identical to a multistage frac job per-
formed in 2016 in the Marcellus Shale.

When talking about hydraulic fracture stimulation you have to con-
sider carrier fluid, proppant, and additives. The carrier fluid can be slick
water (i.e., water with friction reducers added), potable water (city water
or river/lake water, with or without additives), produced water from
other wells, cross-linked gels, or foams. The original patent for
this technique specified ground up walnut shells for proppant, but the
industry quickly evolved to raw sand, coated sand, ceramic balls, and
other materials with a strong resistance to crushing force.

The list of chemicals added is very long and is determined for each frac
job. Most jobs with water add a powder made from guar beans from India
or Pakistan to the water. This material is used in cooking and can quickly
turn water into a thick gel with a very large capacity for carrying proppant.
After the guar is specified, the engineer looks at the need for corrosion
control chemicals, friction reducers, chemicals to stabilize swelling clay,
chemicals to try to bind coal fines, etc. Every job will be unique.

At the end of the day, the goal is to convert at least a portion of the
reservoir from radial D’Arcy flow to linear channel flow. Any success at
this significantly lowers the differential pressure required to flow reservoir
fluids into the well-bore for production.
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For horizontal or vertical wells in very thick formations, stimulating
an extended interval with one job will always provide inconsistent
results—if any part of the extended interval 1s weaker than the rest then it
will take a disproportionate amount of the stimulation fluids (maybe all of
them). To combat this on wells with casing cemented into the hole over
an extended interval, we do a “staged stimulation.” In other words the
tool has inflatable packers above and below the frac nozzles that seal most
of the perforations from the stimulation pressure. At the end of a stage,
the packers are released and the equipment is moved to the next part
of the perforated interval. Wells in the shale with extended laterals can
require upward of 100 stages.

Open-hole and uncemented liner wells are an entirely different issue.
It is actually impossible to have any control over where the frac fluids
will go in an open-hole completion, and an uncemented liner does not
provide any mitigation. In both cases, the fluid will take the path of least
resistance and most of the formation will not be stimulated at all. There
is no way to prevent this.

To further reduce the eftectiveness of hydraulic fracture stimulation in
CBM, coal is not very mechanically strong. Coal miners have always
talked about coal being self-healing so that something inserted into the
coal matrix will quickly be integrated into the coalbed and will be
hydraulically indistinguishable from the coal matrix. A grain of sand just
gets swallowed up by the coal. Thousands of CBM/CSG wells have been
frac’d around the world and the results are absolutely random. Procedures
applied to a CBM well that then produced at a high rate were applied to
future CBM wells that provided very low production rates. The data is
random enough to make it look like frac jobs in CBM can either do
harm or do nothing at all. It doesn’t look like they ever do significant
good and often do significant harm.

2.8.2 Open-hole cavitation

When universally discouraging results were seen from conventional com-
pletions with hydraulic fracture stimulation of the wells in the central
“fairway” portion of the San Juan Basin, the operators started looking for
viable alternatives. It was discovered that in these particular wells the coal
matrix was so weak that a small differential pressure would cause the coal
to fail and increase the surface area of the well-bore and improve produc-
tion. It was found that by increasing the pressure in the well-bore (either
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Figure 2.19 CBM cavitation.

through adding air or allowing reservoir pressure to build up) and then
slamming open a surface valve to allow a rapid depressurization of the
well-bore to a flare (Fig. 2.19), that the pressure a few inches into the res-
ervoir would blast the coal into small pieces that would flow to the sur-
face like a fluid. Repeated cycles of this pressurization, rapid
depressurization cycle could be effective in creating a large surface area
for the reservoir to flow into the well-bore. Wells treated with this pro-
cess often increased their production by a factor of 20—40 over conven-
tional completions. It only works on wells with very specific rock quality,
but where it works the results are impressive.

Factors that contribute to the success of a cavity completion include:
(1) strength (friability) of the coal must be low; (2) coal seams need to be
fairly thick; (3) there must be a well-developed cleat system; (4) the coal
must have a low ash content; and (5) the coal must have high in situ
stress. Few of these parameters can be successfully evaluated pro forma
and in new fields (or new areas of existing fields) my recommendation to
companies is to try to cavitate and if the coal doesn’t flow, to set a liner
and see what the well will do, the data on CBM does not support substi-
tuting hydraulic fracture stimulation for wells that won'’t cavitate.

There is no way to know how many cavitation cycles will be required
for a given well, or how long each flow back will take. Companies that
evaluate their Driller’s performance based on cost and adherence to a
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schedule have a great deal of difficulty committing to a process with an
indeterminate duration and costs directly tied to the duration. Drillers
rarely have a stake in well performance, so they often say “We can meet
your schedule with a conventional completion and come in under bud-
get, we’ve been doing conventional completions for many decades, what
is the problem?” Actually, “the problem” is that conventional completions
result in anemic performance and significant gas left in the ground at
abandonment. One company has five cavitated CBM wells that average
12 MMSCF/day and 500 cased, cemented, and frac’d wells making an
average of 220 MSCF/day. The last well that they “caviated” they simply
ran a tool to under-ream the formation to a slightly bigger diameter and
ran casing and cemented it—this well was labeled a “caviation failure”
and ended the cavitation program. Now that company’s wells don’t make
much gas but the drillers meet their schedule and budget every single
quarter.

2.8.3 Mississippi clean-out

When talking about out-of-the-box thinking, there are few concepts far-

ther out there than a Mississippi Frac. This technique has been used

in isolated spots within many fields and was marginally successtul in
some unconsolidated conventional formations. It has been tried a couple
of times in CBM and the results of those wells are very promising.

This process is fairly simple:

* Drill to the top of the coal, set production casing, and cement it.
This section should have 7-in (175 DN) or larger casing.

» Stage enough produced water to do the stimulation (it could easily
take 50,000 bbl (8000 m”) and possibly more).

*  Pressure up the well-bore to significantly above the parting pressure of
the coal (call it 5000 psig (34.4 MPa)) with the produced water.

+ Start drilling while maintaining high-pressure water flow through the
bit. Expect a lot of lost circulation as the water pulverizes a consider-
able volume of coal.

*  When you reach your target depth immediately run a liner to bottom
and tubing down to the middle of the most productive formation, and
rig down.

* Put the well on production as soon as the rig leaves.

Initial production should be expected to be very low as you have
changed the hydraulics of the reservoir for a considerable distance into
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the formation. Within a few days, the water in the casing should drop
enough to allow desorption in the near well-bore and production to start.
In most CBM wells where this has been tried, the new channels dewa-
tered within a few weeks and did not need mechanical deliquification.

The benefit of this process is that production at 6 months tends to be
significantly higher than conventionally drilled offset wells, drilling costs
tend to be 40%—70% of conventional drilling/stimulation while being as
friendly to the drilling schedule and budget as conventional jobs. In this
technique drill cuttings serve the proppant function and no additional
chemicals are introduced.

2.9 CONCLUSION

My intention in this section is to demonstrate that wellheads are
connected to stuff and that stuft did not magically appear. Drillers will
tell you that without them, you wouldn’t have anything to produce.
You need to tell drillers that without us they wouldn’t have any reason
to drill. Tt is to all work together or none of it works.
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NOMENCLATURE

Symbol Name fps Units SI Units
g Gravitational constant 32.174 ft/s” 9.81 m/s”
g Unit converter 32.174 ft-Ibm/s>-Ibf N/A (for now)
h Height ft m
p Density Ibm/ft? kg/m’
Subscripts

drill At the drill bit
mud Drilling fluid
res Reservoir

EXERCISES

1. “Underbalanced drilling”:
a. Means drilling with less fluid weight that expected reservoir
pressure
b. Means drilling while expecting reservoir fluids to blow onto the
rig floor
c. Is used to reduce the likelihood that drilling fluids will enter the
reservoir

d. All of the above
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2. Drilling mud is:
a. A combination of water and soil in precise proportions
b. A joint compound used to seal threads on drill pipe
c. Not used while air drilling
d. None of the above
3. Logging while drilling is characterized by:
a. Good communication from surface to tool
b. Limited to less than 60 degrees from vertical
c. Slow data speeds
d. Delaying drilling while running tools
4. Which of the following is least likely to be found in a CBM well?
a. Conductor string
b. Surface casing
c. Intermediate casing
d. Production casing
5. Nuclear logging tools are used for:
a. Monitoring the mud to prevent the build-up of naturally occur-
ring radioactive material (NORM)
b. Measuring the diameter and shape of a borehole
c. Quantifying lithology, density, and porosity
d. Measuring the permeability of a formation
6. A well is being drilled with 9.18 Ibm/gal (1.1 kg/L) water-based mud.
How much pressure does the mud apply to the formation at 3000 ft
(914 m) below ground level?



CHAPTER THREE

Well Dynamics

Simpson’s Second Postulate: A mistake implemented (and corrected)
promptly has a much better chance of success than a perfect decision
made after months of sober deliberation

Corollary: If you don't implement (and analyze) mistakes, then you
never improve
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3.1 ROLE OF SURFACE PRESSURE IN WELL
PERFORMANCE

At a given reservoir pressure and well condition, bottom-hole pres-
sure (BHP) controls the rate of inflow to a well. BHP is the pivot point
in a balance between reservoir flow and flow to surface. This says that
there is no way to develop a single equation to model flow from deep in
the reservoir to sales, the flow regimes are too different.

In the reservoir we are talking about phase behavior (both interference
and phase change), constantly changing flow paths, and many small flow
paths. In the well-bore we are concerned about flowing against gravity,
phase interference more than phase change, a single constant flow path.
All of these factors are (to a greater or lesser extent) functions of pressure
and temperature.

A change in surface pressure cannot ever be translated intact to the
reservoir. We often see reductions in surface pressure resulting in a signifi-
cant increase in fluid friction in the well-bore and the converse is also
common. The net result of a pressure change can even be the reverse of
desired results. There are many examples of rapidly decreasing surface
pressure actually lowering the efficiency of the flow conduits so much
that flow rates decrease.

As we learned in Chapter 1, Gas Reservoirs, this balance between
pressure and overall flow efficiency does not always (or even often) come
down on the side of an extremely high-pressure differential between the
reservoir and flowing BHP. Losing track of reservoir pressure is a prime
cause of long-term underperforming wells. In the coalbed methane
(CBM) example in Chapter 1, Gas Reservoirs, the flowing BHP wanted
to be about half of reservoir pressure to optimize the recovery rate and
ultimate recovery. Every reservoir will be different and few reservoirs will
lose pressure as fast as CBM, but every reservoir will have a characteristic
BHP that will optimize well economics.

3.1.1 Pressure consistency

Flow in a reservoir is complex and often tortuous. Fluids are the ultimate
opportunist. They will always go from higher pressure toward lower pres-
sure. When you shut a well in, the fluids from deep in the reservoir move
toward the lower pressure in the near-well-bore until the differential
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pressure is less than the obstacles to flow (primarily fluid friction and
phase blocking). This “repressurizing” will continue until the differential
pressure is negligible. I did a statistical analysis of one tight gas formation
(the Mesaverde in the San Juan Basin) and concluded with hourly data on
over 2000 shut-in periods longer than 2 weeks each of 300 wells that the
average reservoir pressure in the Mesaverde would stabilize at the well
locations in something on the order of 20 years. This analysis was very
eye-opening in showing wells that had been shut in for longer than a year
still increased shut-in casing pressure a measurable amount (albeit quite
small) from 1 hour to the next. The database had hourly data for
13 months, and the study took 4 months, so the longest pressure build up
in that dataset was 17 months on four wells. All were still showing prog-
ress toward reaching an asymptote in the last hour of data.

Searches for the earliest use of the term “Flush Production” found a
1969 joint report by the US Bureau of Mines and El Paso Natural Gas
Company on the nuclear stimulation called “Project Gas Buggy” where
24 kT nuclear explosions were used to stimulate two wells (Atkinson
et al., 1969), and the term has come to mean “high initial flow rates
immediately subsequent to ending a shut-in period.” Many people have
put forth theories as to why flush production occurs, but none of them
really gets to the essences of the phenomena. Essentially, the near-well-
bore volume repressurizes, while production is halted which increases the
differential pressure between the reservoir adjacent to the well-bore and
the BHP. Higher differential over a short distance increases the flow rate
(and the friction, but the distances are short) and higher static pressure
improves flow efficiency. Fig. 3.1 shows this eftect. During the period
marked “start-up,” the pressure gradient in the near-well-bore is very
steep and there is considerable driving force for fluids to move from the
reservoir to the well-bore. Over time this pressure gradient shifts lower
and the driving force from the reservoir to the BHP declines. If you can
provide a steady pressure for a very long time (months), then you can
move the pressure gradient down to the “long-term steady press” line.
This line represents a significant increase in the volume of the reservoir
accessed (i.e., the last place that there is an effective differential pressure
between the average reservoir pressure and the near-well-bore volume)
increases dramatically.

It is common wisdom (and therefore suspect) that “compression in
tight gas is ineffective.” The reason for this old-saw is that people insist
on treating compression in gas reservoirs as “rate acceleration” and not
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“reserves adding.” In times of flat to increasing product prices, rate accel-
eration economics are poor. Even in times of decreasing product prices,
the rate acceleration economics are rarely as good as putting the capital in
the Bond market. The common wisdom is a case of improper expecta-
tions—if we expect a big rate increase in tight gas from compression, we
will be disappointed, but if we expect flatter decline and longer well lives
then there is a very good chance of exceeding expectations.

Tight gas performance is a vivid example of the value of pressure con-
sistency, but keeping pressure in a narrow range around a rationally devel-
oped target pressure is even more important in CBM and Shale. In all of
unconventional gas, constant pressures are more important to ultimate
recovery than a specific pressure.

The goal of everything we do on a well-site or in the downstream
facilities from selection of well-bore tubulars to deliquification method
to gathering system pigging schedule should be focused on the target of
maintaining consistent, steady pressure within a range that we have
defined based on a rational analysis of reservoir characteristics.

Fig. 3.2 shows an interesting well. It is a cased, cemented, and frac’d
gas well with a production packer above the producing zone. This well
began loading up, and deliquification options were nonexistent with
the packer installed. The operator decided that he could increase the
recovery by “riding the flush” with periodic shut-in periods followed
by rapid flow to facilitate the gas carrying the liquid out of the hole.
They were finding that their intermitting process was resulting in
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Figure 3.2 Change well production technique.

progressively shorter flush periods with lower peaks resulting in
decreasing daily cum production every week. Finally they decided to
abandon that technique and installed a compressor. The compressor
only lowered the average flowing tubing pressure by about 7 psig
(50 kPa), but the daily flow rate increased from about 8 kSCm/day
(283 MSCF/day) to 17 kSCm/day (600 MSCF/day). Shortly after the
end of this data, the compressor failed, but the replacement compressor
was able to return the well to steady production at the elevated rate.
This well is just one of many vivid examples of steady pressure outper-
forming widely varying pressure.

3.1.2 Water vapor

Water vapor is ubiquitous. We see it as “humidity.” It makes our iced
drinks and air conditioner coils sweat. But how much water vapor is
represented by humidity? At sea level the water content of 100% relative
humidity (RH) air at 95°F (35°C) is 2507 Ibm/MMSCF (40,158 mg/m”).
That is 300 gallons (1137 L) of water in a million SCF (28 kSCm) of dry
air. One million SCF of air would be needed to burn 358 gallons of gaso-
line. That means that on a hot day in Manila you would be putting as
much water vapor as fuel into your vehicle’s engine. OK, water vapor can
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be a big volume, but what is it? The human mind wants to think of

a molecule as a “small thing,” but we have trouble grasping how small.

Liquid water droplets can be described as:

* Coarse spray—0.007—0.039 in (0.2—1.0 mm) diameter. A course
spray would have a terminal velocity as a raindrop of 7 ft/s (2.1 m/s)
so it would tend to fall flowing at target velocity within a production
separator.

* Fine spray—0.0039—0.007 in (0.1—0.2 mm) diameter. Terminal
velocity as a drizzle is 0.5 ft/s (0.152 m/s) so it would tend to be
buoyant at separator velocities.

*  Mist—0.002—0.0039 in (0.051—0.1 mm) diameter. Terminal velocity
as fog is 0.05 ft/s (0.015 m/s) so it would tend to be buoyant in still
air for a time.

e Aerosol—0.000039—0.002 in (0.001—0.050 mm) diameter. Terminal
velocity as cloud is 0.003 ft/s (0.9 mm/s) so it will tend to be buoyant
in still air for a long time.

An aerosol has very small droplets. A water-vapor molecule has a
diameter of 16 X 10™”in (38 X 10~° mm). To put that into scale, if you
took the smallest aerosol droplet (0.001 mm) and blew it up to the size of
the earth, a water-vapor molecule would be 4 ft (1.2 m) diameter. On
the same scale a methane molecule would be 6.4 ft (1.95 m) diameter.
This says that if you were to devise a filter to separate methane from
water it, would have to stop all of the methane molecules to allow the
water vapor through. Mechanically separating gas from water vapor is
simply not economically possible.

Water vapor and the residue of evaporation are an important factor in
troubleshooting many problems with both downhole and surface equip-
ment that are all too often misdiagnosed.

3.1.3 Evaporation

Whenever there is a coherent gas/liquid interface, the liquid will evapo-
rate until the gas touching the interface is at 100% RH. The amount of
water vapor that is represented by 100% RH varies with the temperature
and pressure of the gas. In 1958, researchers J.J. McKetta and A.H. Wehe
published a chart that describes the amount of water vapor that can be
accommodated in a hydrocarbon gas at a specified temperature and pres-
sure (McKetta and Wehe). The correlations underlying this chart have
been published by ASTM International (formerly American Society for
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Testing and Materials) as ASTM D-1142-95 (reapproved 2006). Generally
available versions of the McKetta—Wehe (GPSA, fig. 20.4) are very useful
in describing the process, but can be difficult to use. I've used the data
from ASTM to generate Figs. 3.3 and 3.4. Fig. 3.4 is not much easier to
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read than GPSA (Figure 20.4), but it is a high enough resolution that it
blows up nicely (at E-Size (A0) it is reasonably useful).

As pressures decrease, the water content increases dramatically. Fig. 3.4
shows an extract from Fig. 3.3. Holding temperature constant at 100°F
(37.78°C) the data shows that halving the absolute pressure approximately
doubles the fully saturated water-vapor content (the SI version of this
chart has mg/SCM on the ¥axis, this makes the 14.5 psia (100 kPa) value
50,704 mg/SCm and the 145 psia (1 MPa) value 5222 mg/SCM.

Fig. 3.3 can be used to estimate the water content of a gas:

* Enter the chart with a temperature
* Go up to a pressure
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* Go across to a water content

* For example: 120°F (49°C) and 58 psia (400 kPa) is 1410 Ibm/
MMSCEF (22590 mg/SCm).
Fig.3.3 can also be used to estimate a dew point of a gas:

» Enter with a water content

*  Go across to a pressure

*  Go down to a dew point

* For example: 7 Ilbm/MMSCF (110 mg/SCm) at 1000 psia (6900 kPa)
is 32°F (0°C).

While Fig. 3.3 is effective for any hydrocarbon gas with reasonably
pure water, the numbers must be corrected for acid gases (e.g., CO, and
H,S) and for highly saline water (every 10,000 mg/L is 1% by volume,
the adjustments start at 1%). The corrections are described in GPSA
Engineering Data Book in Chapter 20 (Dehydration) if you ever find that
you need to apply them.

3.1.4 Phase-change scale

We often see solids deposited inside of compressors, separators, control
valves, around packing leakage in control valves, and hanging oft of
threads in piping. This is often arbitrarily called “calcium carbonate” and
occasionally carbonate scale inhibiters and carbonate dissolving chemicals
are put into lines without ever getting a materials analysis. When this
doesn’t work, operators are often at a complete loss as to what to do next.
When they call me, I ask for a water analysis. It is rare in unconventional
gas for there to be more than a trace of calcium in the water, calcium
carbonate is a problem in chalks and limestones, not in sandstone, coal,
or shale.

If the solids are not calcium carbonate then what are they? When a
barrel of water with 1% (10,000 mg/L) dissolved solids (often called total
dissolved solid (“TDS”)) evaporates, it leaves 3.5 lbm (1.6 kg) of solids
behind. More TDS and each barrel will leave more solids behind. A bar-
rel (159 L) of pure water weighs about 350 Ibm (159 kg), so according to
Fig. 3.3 at 145 psia (10 bara) and 100°F (37.8°C) every MMSCF would
have a barrel of water and in 10,000 mg/L water would leave 3.5 Ibm
(1.6 kg) of solids behind. The scale we see in unconventional gas is almost
never a supersaturated precipitant like we see in many conventional reser-
voirs, it is actually a dissolved solid that only plates out when the water
evaporates.
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Figure 3.5 Example of nahocolite.

Figure 3.6 Example of NaCl salt.

What is left behind in phase change depends on the makeup of the
water. Usually, the primary component is either nahocolite (Fig. 3.5) or
table salt (Fig. 3.6). When the primary anions are bicarbonates (HCO; )
then a sodium (Na¥) cation will form nahocolite which is granite hard
and barely soluble in strong acid. The fitting in Fig. 3.5 was a “half mule-
shoe” (i.e., a tubing fitting with a 45-degree bevel on the end to allow
tubing to be run into an open hole and if it hangs up on a ledge, rotating
the tubing will cause it to slide off where a square cut end would try to
drill) that had been in a well for less than 1 hour before flow cut off. The
tubing was pulled and the fitting was brought to me for diagnosis. It was
my first experience with this vile stuff and considerable research and lab
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work were required to find out what it was, let alone what to do about
it. It was eventually determined to be slightly soluble in strong acid.

When the primary anion is chloride (Cl ), then with sodium it will
form table salt. Table salt is quite soluble in hot water, but getting hot
water to the location of the accumulation can be a challenge. The exam-
ple in Fig. 3.6 formed in the tubing/casing annulus of a well (2-3/8
inside 4-1/2 casing) and was over 30 ft (9.1 m) long, it came out of the
well in much smaller sections.

No one wants to deal with these phase-change solids after they have
clogged up the works, so we look to the chemical industry to “solve” this
problem. They can’t. “Scale” chemicals are readily available to treat preci-
pitants from continuous-phase liquid systems. The key terms in the last
sentence are “precipitants” and “continuous-phase liquid systems.” The
phase-change solids are not precipitants, they are the residue of evapora-
tion and adding antiprecipitation chemicals to evaporating water simply
adds mass to the deposit while doing nothing to prevent it. Any chemical
additive must be transported to a specific location in order to be effective.
In a liquid, scale chemicals will be dissolved in the liquid and will go
wherever the liquid goes. In a gas the chemicals can sometimes be carried
as an aerosol, but in a very short time, collisions between the droplets will
create droplets too big to be buoyant and they will fall to the bottom of
the pipe, and stay there. This is the crucial thing to understand, any
remedial chemicals introduced into a piping system must have a transport
mechanism, and gas rarely has the flow energy required to deliver the
remedial chemicals to where they are needed. When we dump scale inhi-
biter (or corrosion inhibiter, paraffin reducer, etc.) into flow lines they
will almost never be transported to where they are needed and will usu-
ally accumulate in inconvenient locations. Remedial chemicals in gas sys-
tems rarely do more good than harm.

Since evaporation is a statistical process that follows the laws of ther-
modynamics eventually, but not necessarily instantaneously, it is very diffi-
cult to predict where the salt will form. In Fig. 3.5, we can conjecture
that the transition from reservoir flow to the well-bore dropped pressure
significantly and began accelerating evaporation and the high-velocity gas
accumulated at the end of the tubing and collected the nahcolite. In
Fig. 3.7, about 1 L (1.06 quart) of water droplets came out of the suction
scrubber per day for less than 2 weeks and when the droplets hit the hot
suction valves the water flashed. In Fig. 3.6, I have been unable to come
up with a theory to explain how the deposition started in the annulus,
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Figure 3.7 Salted reciprocating compressor valves. Source: Personal collection of
Dejan Ivanovich.

once it had partially blocked the flow, then a difterential pressure could
have shifted the stream down the McKetta—Wehe chart, but how did
that difterential pressure start? I don’t know, and that is my answer all too
often. Why a salt block forms in a specific location has proven to be very
difficult to assess or (more importantly) to predict. If we could determine
why salt forms in one place but not in the adjacent, seemingly identical,
location then we might be able to create conditions that force salt forma-
tion in a convenient location rather than in the typical inconvenient loca-
tion. I have searched for that elusive “trip point” for two decades with
ZEro Success.

3.1.5 Hydrates

A “clathrate” is “relating to or being a compound formed by the inclu-
sion of molecules of one kind in cavities of the crystal lattice of another”
(Webster), and a “hydrate” is “a substance formed when water combines
with another substance” (Webster), so the stuff we call “hydrate” is more
properly called “clathrate,” but using the proper term will impede com-
munication in this industry so at best we can call it “clathrate hydrates”
or simply “hydrates” because communication is too rare and valuable to
forego in the name of “accuracy.” If we can agree on what we are going
to call something, then “hydrate” works as well as anything. In essence
the most common hydrate crystal (called “Type 1”) is made up of two
copies of the left-hand cage and six copies of the right-hand cage in
Fig. 3.8. This structure is an appropriate size for CO, and methane, and
each crystal will hold 46 water molecules and 8 methane or CO,
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Figure 3.8 Hydrate cage.

molecules. Other structures require different numbers of different shaped
structures to hold other size molecules (e.g., “Type H” hydrate will use
34 water molecules to hold a single molecule of butane or heavier gas).

Hydrates form at elevated pressure and (somewhat) depressed tem-
perature. If the gas in question contains CO, or H,S then the curves
can shift somewhat, but the shift will rarely lead you to different predic-
tions. You can see that for something like 59°F (15°C) gas, pure meth-
ane will be at risk of forming hydrates at any pressure above 2000 psia
(14 MPaa), but for a heavier gas that pressure will be less (e.g., for 0.8
SG gas at 59°F (15°C) you have to be concerned about hydrate forma-
tion at 500 psia (3.45 MPaa).

We see significant hydrate formation below the seafloor and in the
permafrost. Deposits in far northern Alaska have been estimated to be
more stored energy than drilling fossil fuels have uncovered. The seafloor
off of Japan also has very large hydrate deposits, and the Japanese govern-
ment has been funding significant research in how best to monetize
this asset.

The other location of hydrate freezes is not as useful. We see hydrate
freezes in well flow lines and gathering systems that can cause significant
flow problems. Usually the hydrate formation in piping happens near
a flow restriction that can facilitate Joule—Thomson cooling to drop the
temperature as the pressure drops.

Many field operators carry methanol (CH;OH) or glycol (CoHgO,)
to help them “break freezes.” The problem with this is that while metha-
nol in liquid water will significantly lower the freeze point, methanol on
a hydrate will not do anything chemically. If the methanol is warmer than
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the hydrate-formation point, then it will melt the hydrate and the water
from the melted hydrate will have “antifreeze” properties, but you could
do this as effectively with warm water. Hydrate freezes are generally best
dealt with by depressurizing and adding heat. Chemicals are just expen-
sive, nasty, dangerous, and ineffective.

The presence of liquid water in a mostly water-vapor environment or
the presence of water vapor in a mostly liquid water environment will
tend to suppress hydrate formation.

3.2 PREDICTING FLOW RATES

As an industry, we spend an inordinate amount of time predicting
flow rates for building budgets, estimating reserves, setting company and
national policy, and operational evaluations of well performance. By and
large we do a reasonably horrible job of predicting the future. The US
Energy Information Administration (EIA) has a whole staff that does
nothing but try to predict the future of supply and demand for various
energy commodities around the world. They look at all the data that is
reported to any state agency and apply the most advanced statistical tools
in the world to prepare their “Annual Energy Outlook.” Fig. 3.9 is data
from the 2008 report, updated for the 2013 data. Data to the left of the
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vertical line (2006) is historical data. Data to the right of the vertical line
(in the 2008 version) was the US gas forecast through 2030. It looked in
2008 like the US gas production was both flat and unable to meet any
increased demand. Five years later (with 7 more years of production data)
we were not stagnate at around 43 BSCF/day (1.218 GSCm), but had
increased 55% to 67 BSCF/day (1.897 GSCm/day) in spite of the fact
that offshore conventional production not only did not increase, but it
decreased 75%. This is not to say that the EIA forecasters are bad at their
job, they are actually some of the best in the world at this exercise—their
job is forecasting and most engineers in Oil & Gas spend as little time as
humanly possible at this impossible task. Remember, if computers
and mathematical algorithms could predict the future, then there
would be no mystery in either the stock market or weather forecast-
ing. In 2008, no one really expected the sea change that has been
shale gas. In 2008, the 10 largest gas fields in the United States were
all conventional, CBM, or tight gas. The Barnett Shale made the top
100 fields in 2008, but no other shale play was even close. By 2013,
the top 10 list had eight shale gas plays on it. That is probably the
reason the 2008 prediction was so bad, but about once a decade
there is a game-changing event in the industry that makes previous
forecasts look foolish.

Having shown an example of unsuccessful forecasting, I have to say
that reservoir engineers and production engineers are not allowed to say
“It’s too hard” and skip forecasting, they have to do it, and they have to
do the best job they can.

3.2.1 Bureau of mines method

The starting point for most conventional prediction methods is the
Bureau of Mines Method (first proposed by the US Bureau of Mines) and
also known as the “backpressure equation”:

72 n
q=¢ (P —P}) (3.1)

Eq. (3.1) assumes that the reservoir pressure is constant (and known)
over time, and the sum of all the flow resistance included in ¢, is constant
both with time and with drawdown. It seems to work reasonably well for
conventional gas if you have a good guess for average reservoir pressure
(not very common), have assessed ¢, and n for each well (even less com-

mon), and have a good method to calculate flowing BHP (sometimes)
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since average reservoir pressure tends to change year-to-year instead of
the day-to-day changes that are common in CBM.

Using Eq. (3.1) for unconventional wells leads us to some very bad
conclusions. First, the reservoir pressure changes too fast to allow it to be
called “constant” for a forecasting period. Second, the near-well-bore
conditions are changing very rapidly over the life of the well and cannot
be considered either “constant” or “characteristic.” Finally, the equation
does not accommodate inclining production. To try to overcome these
limitations, a project called the POD (Simpson 1) looked at what might
be included in the flow constant (c,). Even though it is clear that the con-
ventional “radial diffusivity” model was describing a flow regime that did
not exist in CBM, it might just be close enough:

k-h
Q= (3.2)

N
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All of the terms in Eq. (3.2) vary with both time and drawdown, but
if we assume that most of those changes are second-order effects and can

likely be ignored, then we can look to rock mechanics to dump all of the
variability into the “skin” term. lan Palmer and John Mansouri were
doing work at Amoco’s Tulsa Research Center while the POD team was
doing our work and they provided an equation that was a precursor to
what became the well-known Palmer—Mansouri model.

—0438
Skin = — 13.42 + 4.92- ¢ - (i) (P—Dy)"**  (3.3)

All of the parameters in Eq. (3.3) are fixed at initial values except
drawdown which comes out of an ongoing material balance in conjunc-
tion with a production forecast. Inserting Eq. (3.3) into Eq. (3.2) and
combining constants yields:

k-h

Cp—

—0.438  _

142240 Z- T <ln <r—> —14.17 +4.92- ¢, (i) -(p—p,,h)°~2636>
rll/

(3.4)

Inserting Eq. (3.4) into the backpressure equation (Eq. (3.1)) with the

nonlinearity term (“»n”) fixed at 1.0, seems to do a better job in rapidly

declining reservoir pressure reservoirs. Fig. 3.10 shows the impact that

this refinement of the backpressure equation can have. The two most
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Figure 3.10 Group of 46 San Juan Basin Fairway CBM wells (Simpson 1).

encouraging features of this data are: (1) at 12 years both the actual pro-
duction decline and the forecast have flattened out; and (2) the forecast
was actually able to reflect the uplift from the POD project (one of the
limitations of the backpressure equation is an inability to reflect periods
of inclining production). It is interesting that the 1989 original forecast
was done using a comprehensive compositional reservoir model and the
most expensive tool did the worst job.

3.2.2 Inflow performance relationship

Inflow performance relationship (IPR) analysis is very well developed for
oil wells. It is less well developed for conventional gas, but there are tools
that mostly do an acceptable job. J.V. Vogel (1968) presented an easy to
use IPR relationship for oil wells as:

2

ress y h P,
D) — 4 _ ) 5. (é’) —08- ( _’h> (3.5)
q0(max) P P

M.K. Fetkovich adapted Eq. (3.5) to Eq. (3.1) (using graphical techni-
ques to evaluate ¢, to yield:

2
q0(press) = 1= (@) (3 6)
q0(max) P
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IPR for fixed reservoir pressure
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Figure 3.11 IPR relationship.

Comparing Eq. (3.6) using graphical methods to determine a fixed ¢,
to using Eq. (3.4) to determine ¢, is plotted on Fig. 3.11. This shows that
some pressure above zero can result in exceeding the absolute open-hole
flow that is a cornerstone of the IPR model (and raising pressure resulting
in increasing flow rate has been observed in many unconventional wells).

[PR analysis can be momentarily useful for selecting a flowing BHP at
a given reservoir pressure, but efforts to use it for forecasting unconven-
tional well performance have not resulted in useful forecasts.

3.2.3 Decline curve analysis

The other major approach to production forecasting is using historical
time-series rates to anticipate future rates. This “decline curve analysis”
first has to determine the physical extents of the reservoir. If the reservoir
is “infinite” (meaning that the borders of the reservoir are beyond the
scope impacted by the well), then you can assume that the decline will be
exponential and you should plot historical production on a semilog scale.
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If the reservoir is bounded within the scope impacted by the well, then
you can assume a hyperbolic relationship and should plot historical pro-
duction on a log—log scale.

Once you have plotted historical production on the appropriate scales,
you can draw a best-fit straight line through the data and extend it
beyond the limits of the historical data. The assumption is that historical
production represents a characteristic performance of the reservoir and
future performance will be dominated by the same forces as the forces
that dominated historical production.

There are a number of computer programs on the market that will
use statistical best-fit methods to match a line to the historical data and
capture the data points on the extrapolation. Several of these will allow
the computer to generate forecasts for a group of wells without human
intervention. The best among them allow a person to review the graphs
and include/exclude data points that are patently not representative.
Using this feature with knowledge of curtailment periods can significantly
improve the usefulness of the graphs.

Fig. 3.12 shows a series of forecasts that were made based on decline
curve on a particular San Juan Basin well. We had 2 years of production

San juan basin CBM production forecasting

10,000

q (MSCF/day)

1,000

100

0 12 24 36 48 60 72 84 96 108 120 132 144 156 168 180 192 204 216 228 240 252 264
Months since first production

Figure 3.12 Decline curve forecasting.
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history prior to doing our first decline curve analysis (this exercise was
directed at 1-year budgets so each forecast is limited to 12 months). You
can see from 14 forecasts represented on this graph that we got it really
wrong far more often than we got acceptable results (1 month the actual
was 181% of forecast, another month the actual was 12% of the forecast).
Probably half the time we were within =+ 10%, but the other half
required considerable explaining after the fact.

3.2.4 CBM method

If IPR and decline curve analysis don’t work very well in unconventional
gas wells, what is left? Computational fluid dynamics reservoir models
have resulted in the worst forecasts provided by the industry. Nodal analy-
sis procedures (not covered explicitly in this book) tend to rely heavily on
IPR techniques and/or decline curve analysis and have been of limited
value in unconventional fields.

We found in the POD and operating the POD wells (Simpson 1) that
any analysis that treats an unconventional reservoir as D’Arcy flow through
a porous medium to provide poor results. Remember Fig. 1.11 (repeated
here as Fig. 3.13), that the permeability of unconventional reservoirs to be
markedly less than the cement we use to contain the gas, approaching the
permeability of steel pipe. As permeability dips below about 10 mD, equa-
tions based on D’Arcy’s relationships become less and less representative of
observed conditions. The only way to successtully produce unconventional
resources is to create channels and other pipe-like pathways within the res-
ervoir. In shales we do this with massive frac jobs. In CBM we facilitate
the coal failing in a manner that creates flow channels. Flow in unconven-
tional reservoirs is represented much more effectively by pipe-flow or
channel-flow equations than by flow-through-a-porous-media equations.

If you know reservoir pressure and temperature, flowing BHP, and gas
rate at a given time then you can use one of the pipe-flow equations

1

1
Hydrualic fracture stimlation required 1
1
1
1
|

Shale CBM  Granite Clay Concrete Brick Building stone High perm, res, Beach sand
=Ez: | | |
Unconventional Tight ig Conventional
| |
0.1 nD 1.0 nD 10 nD 0.1 uD 1.0 uD 10 uD 0.1 mD 1.0mD 10 mD 0.1D 1.0D
Permeability

Figure 3.13 Permeability continuum.
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discussed in Chapter 4, Surface Engineering Concepts, with an arbitrary
pipe size (the POD used 4-in (DN 100) pipe) to determine a pipe length
that matches the flow rate and pressures (this value will tend to remain
constant over the life of the well).
The steps to use this pipe length to predict production are as follows:
1. Calculate reservoir pressure at the next time step by adding volume at
current production rate to cumulative production and using the iso-
therm relationship from Chapter 1, Gas Reservoirs.
2. Assume a constant surface pressure and calculate flowing BHP at cur-
rent rate:
a. Calculate a new inflow rate (using pipe-flow equations) based on
future reservoir pressure and calculated BHP.
b. Use the new rate and constant surface pressure to calculate revised
BHP.
c. Calculate a new rate and repeat “2” until change is acceptably
small from one step to the next.
3. Use the “final” flow rate from 2c to recalculate future reservoir pres-
sure and repeat 2 until the change from step to step is acceptably small.
This process is truly a pain, but results seem to stand up over time.

3.3 FLUID LEVELS

Flowing BHP is made up of three components: (1) flowing tubing
(or flowing casing) pressure; (2) fluid friction in the well-bore tubulars; and
(3) hydrostatic pressure from any standing fluids (Fig. 3.14). Since BHP is
the key hand-oft between reservoir performance and well-bore perfor-
mance, being able to assess fluid levels in the well-bore is key to understand-
ing inflow performance. The environment downhole is tumultuous and no
condition exists for more than a few seconds. Determining BHP requires a
way to assess each of the components of pressure.

Finding a practical method to assess well-bore fluid levels has proven
to be more difficult than people expect it to be. The most common
methods of finding the level are: (1) downhole pressure gauge; (2) com-
paring tubing pressure to casing pressure; (3) running a pressure “bomb”;
and (4) sonic fluid shots.

Pressure “bombs” represent an interesting data gathering exercise. It is
rare for data from nature to fall on a straight line. Downhole pressure
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200’

Fluid shot 180’

Bomb 110’

Figure 3.14 Well-bore fluid levels.

recorders represent that perfect dataset every time (if it doesn’t, then the
data collection process had an error). The slick-line operator has more con-
trol as he pulls the tool out of the well than when he’s going in, so the typ-
ical process is to lower the tool to the bottom and wait a specified period
of time to let it stabilize. Then the operator pulls the tool up the hole paus-
ing at specified points to allow the data to be registered to specific points.
The data up to the fluid level will lie on a straight line with a gradient of
0.433 psi/ft (10.02 kPa/m) times the water-specific gravity from the bottom
of the well to the top of liquid water (the nearly horizontal line added to
Fig. 3.15, represents 70 ft (21.3 m) of liquid), then there will usually be a
section of froth that does not have a linear relationship between depth and
pressure (about 200 ft (61 m) in Fig. 3.15), and finally a nearly linear section
of just gas (the nearly vertical line added to Fig. 3.15) to surface. As you
will see later in this chapter, the gas section is not actually a straight line,
but the magnitude of the change (3 psi (21 kPa) over 2600 ft (793 m)) is so
low that the curvature gets lost. Where the two superimposed lines cross
(2890 ft (881 m)) defines the effective fluid height—in this case 70 ft
(21.3m) of water, and 40 ft (12.2 m) equivalent water from the 200 ft
(61 m) of froth which imposes the same backpressure as 110 ft 33.5 m) of
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Figure 3.15 Data from pressure bomb.

liquid water. Pressure bombs are useful, but they require at least partial dis-
ruption of flow to run the tool in the well, and often the operator cannot
guarantee his tool position if it is moving within flow. This is a prime case
of the act of observing changing what is being observed.

Permanent downhole pressure gauges do not have the problem of
moving within flow, but they also could not distinguish the 200 ft (61 m)
of froth from 40 ft (12.2m) of liquid and there are times where that
distinction is important. This is sometimes corrected by placing several
gauges in the well, but that can be very expensive and failed gauges can
lead to incorrect decisions.

3.3.1 Tubing vs casing pressure

When the tubing/casing annulus is open to the reservoir (Fig. 3.16) and
not flowing, then tubing pressure is controlled by delivery pressure alone,
and casing pressure is controlled by BHP alone. The key uncertainty is
how much pressure is lost to friction in the tubing. Keep in mind that
the tubing pressure and the casing pressure at the entrance to the tubing
must be exactly equal to each other since they are the same number taken
at the same point.

The relationship between flowing tubing pressure, static casing pres-
sure, and BHP is a function of both fluid level and friction losses. If there
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Figure 3.16 Wellhead.

is no liquid standing in the well-bore and the tubing/casing annulus is
not flowing, then the difference between tubing pressure and casing pres-
sure is:

Aptubingfricrion = (Pcasing + Pgas gradient) - Ptubing ~ Pcasing - Ptubing (37)

As we saw earlier, with surface pressures under about 500 psig
(3.5 MPag) gas gradient is generally small enough to be safely ignored in
this calculation. If there is a liquid level in the well, then you need to add
a term:

Aptubingfmtion = (Pcasing + [p 'g'h]wam + Pgas gmdient) - Ptubing ~ Pcasing

(3.8)
+ [pg h]water - Ptubing

If the tubing/casing annulus is open to flow, then the relationship gets
a lot more complex as described later in this chapter.
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3.3.2 Sonic fluid shots

The workhorse for determining the height of liquids in oil wells and
gas wells with nonflowing tubing/casing annulus is the Echometer sys-
tem from a Texas company by the same name. This device connects to
the casing wing valve (i.e., at the location where the pressure gauge is
installed in Fig. 3.16) and sends a sound burst down the annulus.
When the sound hits things like tubing collars or a liquid level, it
reflects the sound back to the sensor on the surface. By counting tub-
ing collars, it is reasonably an accurate method to determine a liquid
level relative to the surface. By knowing the configuration of well-bore
tubulars it is trivial to turn that liquid level into a height above the
end of the tubing.

When there is a calm liquid surface the Echometer system provides
very acceptable information to compute flowing BHP. This system has
been used successfully in thousands of sucker rod pump (SRP) installa-
tions in oil fields (with no casing flow) to optimize pump performance
and fluid shots have been used successfully to correct many pump-
performance problems.

When there is flow in the casing, the situation gets more complex.
A liquid on top of a flowing gas source will experience some amount
of agitation. This agitation causes some amount of the surface of the
liquid to splash and foam (see Fig. 3.14). This foam can rise to a con-
siderable height, and as a compressible fluid, the weight of the column
is unpredictable. When you shoot a sound burst into it, you will get a
return, but there is no way to differentiate a return from a random
point in the foam stack from an actual liquid level. In the example in
Fig. 3.14 the Echometer system overstated the BHP by 70 ft (21.3 m)
which overstates the BHP by 30 psi (207 kPa) which may or may not
have a material impact on well performance or downhole pump
performance.

Companies spend a lot of effort and money “shooting fluid levels” in
pumping gas wells (with annular gas flow) only to find that the results
from one shot are materially different from a second shot 2 minutes later.
My usual recommendation is to discontinue shooting fluid shots alto-
gether in pumping gas wells, but it is rarely followed. Companies see that
they are getting unambiguous liquid levels and making decisions based on
those clear liquid levels. Companies that experience frustration with the
nonrepeatability of the tool generally stop doing multiple shots and simply
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“average” a single shot. Fluid shots have been a significant factor in pump
failures in pumping gas wells because they tend to report higher-than-
actual fluid levels that can result in a pump operating outside of its perfor-
mance envelope.

g 3.4 VERTICAL MULTIPHASE FLOW

All other things being equal, gas will tend to flow at a higher veloc-
ity than a liquid in the same stream. At the gas/liquid interface there is a
“no-flow boundary” that requires that either the gas is slowed to the
speed of the liquid, or the liquid is accelerated to the speed of the gas, or
some combination. In vertical flow,
* gas velocity will tend to drag liquid up the hole;
*  buoyant forces will tend to lift the liquid up the hole, but
» gravity will tend to push the liquid down the hole.

The major variables are droplet size (bigger drops increase the impact
of gravity and decrease the impact of buoyancy), droplet shape (spherical
droplets require less energy to transport than oblate spheroids require),
and gas velocity (higher velocity allows drag plus buoyant forces to exceed

gravity).

3.4.1 Flowing gas gradient

Static gas gradient was shown as Eq. (0.11). With a liquid column, the
static fluid gradient becomes:

l bh — l i
0.01875+SG - 1t — )
bh psia exp me plfq & Mg
R )
. (3.9)
0.03418 G - 10— 1)
 Puy m e
kPaa exXp Tm{g pliq g lhq
K )

(Note that this equation uses the convention of dividing the variables
by the required units to show that the input data must be converted to
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the designated unit prior to using it.) If you add friction, then the
dynamic pressure drop equation becomes:

g = higg Tig — hiig

0.0375 Sy 0.06836SGys
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(3.10)

As will be discuss in Chapter 4, Surface Engineering Concepts, “f,,” is
the “Moody friction factor” which is typically used for liquid flow.

3.4.2 Tubing flow vs casing flow

In tubing flow, the effective diameter (din Eq. (3.10)) is tubing inside
diameter, but annular flow is somewhat more complicated. A simple area
calculation converted back to a diameter seems logical:

™
A= (4) -(IDZ, — ODy,)

_ 4., Sl O S P 2 — 2 2
d‘ﬂ_ (;) - (;) (Z) (IDcsg_ODtbg)_ (IDcsg_ODtbg)

(3.11)

Another logical approach seems to be the “wetted perimeter” method
that is used for liquid flow in a channel:

_ Wetted area _ 4- (%) '(IDig - ODthg)
Wetted perimeter 7 (IDyy — ODyy,)
— (IDcsg + ODthg) ’ (IDcsg - ODthg)

(ID, — ODy,)

Aoy
(3.12)

= (IDcsg + ODtbg)
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The first “4” in the equation results from the equation being for liquid
and including the included angle from the center to the surface of the lig-
uid, for a gas the volume is completely filled.

When we look to Petroleum Engineering Handbook, we see that
(Bradley and Gipson, 1987, pp. 34—29, for derivation) you need to
account for the extra surface area (no-flow boundary) relative to the
flow area:

dyj = [(ID+ ODy,)* - (ID 1 + 1D )]/ (3.13)

If we have 2-3/8, 4.7 lbm/ft, J-55, EUE tubing (OD is 2.375in
(60.33 mm)) inside 7-in, 28 Ibm/ft, N-80, T&C casing (ID is 6.214 in
(157.8 mm)), then these three approaches would give you:

* Intuitive—5.724 in (145.8 mm) (8% higher than petroleum method)

*  Wetted perimeter—3.839 in (97.51 mm) (21% lower than petroleum
method)

*  Petroleum method—>5.298 in (134.6 mm)

The intuitive method seems like it is likely close enough, until
you realize that Eq. (3.10) (and most fluid flow equations) uses
this number to the fifth power which introduces a 50% error out
of the box.

When doing this calculation it is conventional to use the OD of the
tubing body and ignore any restrictions due to the thread area. This is the
technique I have used in many wells and was able to match actual data to
calculated data very closely.

3.4.3 Annular flow in pumping wells

In the example in the last section we see that the flow area of the tub-
ing/casing annulus is typically much larger than the flow area in the tub-
ing (the inside diameter of the tubing in that example is 1.996 in
(50.7 mm) which results in an area of 3.13in> (20.19 cm?) where the
effective diameter of the annulus was 5.298 in (134.6 mm) which results
in an area of 22.05 in” (142.3 cm®)—7 times larger). This results in sig-
nificantly lower velocity in the annulus than in the tubing. Any liquid
that might be carried into the annulus is generally moving so slowly that
the gas lacks the flow energy to carry the droplets and they will tend to
fall against flow.
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The gas in the tubing takes up physical volume. The mass flow rate of

in the tubing.

gas will be constant from the top of the tubing to the bottom, but the

space required for that mass changes dramatically. Above some point as
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you descend into the well, the density of the gas will have increased to
the point where the pump begins to see flow that is very similar to
single-phase liquid.

The impact of this phenomena 1s best described with an example.

* Pump type—progressing cavity pump (PCP) which is positive dis-
placement (PD) (see Section 3.5.3.6)

*  Set depth—600 m (1969 ft)

* Separator pressure—360 kPag (52 psig)

«  Pump design capacity—90 m’/100 rpm (566 bbl/100 rpm)

« Speed at start of test—210 rpm (should be pumping 189 m>/day

(1189 bbl/day))

» Torque at start of test—37% of max (torque is a function of discharge
pressure and flow rate)

«  Water production—65 m’/day (408 bbl/day) which was 34% of design
for this rpm.

After gathering initial conditions, we added backpressure to get flow-
ing tubing pressure up to 2200 kPag (320 psig). The results were surpris-
ing (Table 3.1).

As you go up the tubing, you see the gas expanding with decreasing
pressure and taking up more and more space (Fig. 3.18), which leaves less
and less space for the water to flow (the density of the water does not
change appreciably with changes in pressure). Consequently the water

Table 3.1 Backpressure example

Before Expected after  Actual After
Flowing tubing pressure 358 kPag 2210 kPag 2210 kPag
(52 psig) (320 psig) (320 psig)
Theoretical pump 6250 kPag 8090 kPag
discharge pressure (906 psig) (1174 psig)
Actual pump discharge 2660 kPag 7050 kPag
pressure (386 psig) (1022 psig)
Water rate at 210 rpm 65 m°/day 65 m>/day 185 m’/day
(408 bbl/day) (408 bbl/day) (1164 bbl/day)
Water rate at 80 rpm 60 m>/day
(377 bbl/day)
Torque (percent of max) 37% 57% 78%
at 210 rpm
Torque (percent of max) 61%
at 80 rpm

Efficiency 34% 82%
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No back pressure With back pressure
N 358 kPag|  Wellhead 2206 kPag
(52 psig) Pressure (3207psig)
One joint of tubing down

358.6 kPag Pressure 2282 kPag
(52.01 psig) (331 psig)
47 m/s | Water velocity 0.5 m/s
(155 ft/s) (1.6 ft/s)

30 Joints down
758 kPag Pressure 4550 kPag
(110 psig) (660 psig)
0.9 m/s| Water velocity 0.3 m/s
(2.8 ft/s) (0.9 ft/s)

60 Joints down
2661 kPag Pressure 8094 kPag
(386 psig) (1174 psig)
0.4 m/s| Water velocity 0.15 m/s
(1.4 ft/s) (0.5 ft/s)

Figure 3.18 Tubing pressure traverse.

must go progressively faster to maintain a constant mass flow rate in a
smaller portion of the total space available.

In this example, the gas took up 33% of the space available in the
pump and in the bottom of the tubing, which reduces the capacity of
the pump by one-third from the outset. Since a PCP (or really any
pump designed for single-phase liquid) is designed to be full of liquid,
having that much gas in the pump significantly increased the slippage of
fluids from late in the pump back toward the suction, likely accounting
for the rest of the decrease in efficiency. After adding backpressure, the
amount of space in the pump that the gas occupied was about 15%
of the available volume which significantly reduced the other sources
of inefficiencies.

This experiment has been repeated on a number of PCPs and several
SRP with the same results every time—having a flowing tubing pressure
above about 145 psia (10 bara) on pumping gas wells always increases the
pump efficiency and moves the pump closer to the pump curve. For wells
with surface pressures above 145 psia (10 bara), adding backpressure seems
to have minimal effect.
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3.5 GAS WELL DELIQUIFICATION

Since 1970s natural gas has gone from being a waste product that
was only accessed when there was a good chance of accompanying lig-
uid hydrocarbons, to a primary, sought-after product. A strong con-
sumer market, the memory of recent high prices, and the potential for
the return of high prices are making producers rethink the terms
“abandonment pressure” and “economic limit.” Fields are reaching
their original abandonment pressure while the wells are still
profitable and operators are asking the question “what do you have to
do differently to operate these gas wells at low pressures and lower flow
rates?” The primary answer in many cases is “deliquification.” To make
sure we are talking about the same activity let me define terms
(Simpson 2):

»  Artificial lift: application of external energy to lift a commercial product
from reservoir depths to the surface
*  Deliquification: application of energy to remove an inferfering liquid to
enhance gas production
The key difference is that in artificial lift it matters where and in what
condition the liquids reach the surface, but for deliquification the liquids
just need to stop interfering. For example, we will see later that evapora-
tion can be a reasonable deliquification method, but it would obviously
be an artificial lift failure.

3.5.1 Gas well life cycle

Within a given reservoir and well-bore characteristics:

* Flow rate into the well-bore is a function of differential pressure
between the reservoir and the well-bore.

* Flow rate out of the well is a function of the differential pressure
between the bottom and top of the well-bore.

* The ability of the flowing gas to drag liquid along with it is a function
of the gas velocity which is a function of the flow rate, pressure, and
tubing size.

Pressure and flow management is the primary task of production
teams. The formation provides the energy for flow. The rate of flow is
limited by the resistance to flow (i.e., the sum of friction and imposed
backpressure).
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Figure 3.19 Deliquification progression.

Early in a well’s life (Fig. 3.19) most wells are able to flow on their
own if you let them. In some fields and with some operators, this
option is off the table since the initial build-out includes a downhole
mechanical pump. In many reservoirs there is a distinct possibility
that pumping a well from day 1 will reduce ultimate recovery, but the
data is ambiguous enough to prevent certainty. In CBM, the wells
need to desorb the gas within the major channels to the well-bore,
and there is a period on most CBM wells that production inclines
as these channels convert themselves from “gas storage” to “fluid
transmission.” The data that I've reviewed indicates (at least to me)
that this conversion is not aided by setting pumps early, but many
operators disagree.

The middle section of Fig. 3.19 is important because the wells often
need help, but for the most part they can get by with inexpensive options
like plungers, velocity strings, or tubing flow control (see later). These
methods are less expensive because they are mechanically simple while
not requiring the input of external energy for their operation.

At some point in the well life, reservoir energy is no longer adequate
to lift liquids to surface. This is an economic cusp for most wells—is the
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flow rate high enough to cover the cost of added energy and contribute
to capital recovery? If not, then the well will have to be plugged and
abandoned. If the flow rate is high enough, then deliquification equip-
ment is installed.

3.5.2 Deliquification using reservoir energy

Liquids are typically not buoyant in gases, so to get liquids to flow ver-
tically upward against gravity requires the conversion of energy to
work. The source of energy for this work can either come from the
reservoir or can be brought in from the outside. Free-flowing wells use
reservoir energy to lift the liquid. “Deliquification using reservoir
energy’ implies human activities to reduce waste of reservoir energy in
the energy conversion to translate the liquids from the bottom of the
well to the top.

3.5.2.1 Critical flow

R.G. Turner et al. from Baker Oil Tools and his colleagues published the
term “critical flow” in the November, 1969, issue of Journal of Petroleum
Technology. This paper showed that the liquid volume reaching the surface
was a function of gas velocity, which in turn is a function of interfacial
tension and fluid density. “Critical velocity” is that flow rate of fluids
moving vertically up a pipe that is just sufficient to drag produced liquid
with the gas. This velocity will vary from well to well, from time to time,
and from nominal pressure to nominal pressure depending on the quan-
tity of liquid that needs to be lifted, the water droplet size and shape, and
the conduit size.

Many other researchers have built on this concept with new interpre-
tations of Turner’s data and occasionally with new datasets. The magni-
tude of “critical velocity” and the method for determining it continues to
be a source of heated academic debate, but it is certain that at some
increasing velocity, the ability of a gas to transport liquids efficiently
changes from “not effective” to “effective.”

There are dozens of versions of the critical flow equation, and they
mostly vary the constant part of Turner’s basic equation. There is con-
siderable confusion around this equation. The paper said that interfacial
tension should be input in dyne/cm, but it appears in intermediate steps
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that they used Ibf/ft. When you resolve the discrepancies, Turner’s
equation 1is:

1/4
O gas lig . Ioliq - pgas
dyne Ibm
ft a3
VTurner = 1.912- —- — zft (314)
S
pgas
Ibm
ft>

Turner’s work was done at quite high pressure and experiments show
that water droplets in this pressure regime tend to be approximately
spherical. In 1991, Steve Coleman et al. (1991), working with researchers
from Exxon using a lower pressure dataset reached the same conclusion as
Turner, but with a different constant:

1/4

ft (O gas 1ig)* ig as)

VColeman = 1.593- —- £ ]q) (piq pg (315)
s pgaS_

Coleman explained that the lower constant was indicated by the
observation that at lower pressures the water droplets tended to flatten
out into an oblate spheroid. A sampling of the literature showed several
minor tweaks to both Turner and Coleman, but not really anything major
until M. Li and his colleagues at the State Key Lab of Oil/Gas Reservoir
Geology and Exploitation at Chengdu University of Technology in China
(Li et al.). This research looked at a revised droplet geometry that
produced droplets shaped like a torus with a membrane filling the inner
diameter. This configuration appears to be much more efficient and Li’s
version of the equation is:

(3.16)
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The term in the root works out to (ft so this is obviously an

empirical equation and you must use the units shown in Eq. (3.14).
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Interfacial tension (o, also known colloquially as “surface tension”)
between water and gas can be estimated by:

If temperature > 280°F, then:

0.349
_ _ Pryg
O'gas lig = 0280 — 75 —1.108- p—sia

If wellhead temperature = 74°F, then:

p 0.637
. _ S e
Ogas lig = 074 = (53 0.1048 <p51a> > (317)

Otherwise:
T,
280 — —%
°F
Ogastis = | a0 72 (074 — 0280) + 0280

Interfacial tension for condensate is about two-thirds of these num-
bers. If both are present then using water is more conservative.

There were some differences in the conclusions of the papers:

* Turner’s work was done at high pressures (mostly over 1200 psi
(8.3 MPa)), and concluded that below about 100 bbl/MMSCF
(0.56 m>/kSCm) critical flow was not a function of water volume
flow rate.

* Coleman’s work was done at pressures from 50 to 500 psia
(345—3450 kPa) and concluded that below 220 bbl/MMSCEF (1.24 m’/
kSCm) critical flow was not a function of water volume flow rate.

* Lis work was done at around 350 psia (2410 kPa) and while the paper
was silent on water flow rate where the equation was valid, it implied
that this research supported Coleman’s water rates.

Many people try to make practical use of these equations using flow-
ing tubing pressure without making the effort to translate that to BHP.
With surface pressures in the “high-pressure” region (i.e., above 145 psia
(100 kPa)), this is likely conservative and calculated values will be higher
than actual critical velocity (usually a good outcome that wastes some
energy to friction, but provides better assurance of keeping the well
unloaded). There is anecdotal evidence that this equation does not repre-
sent reality at pressures less than 45 psia (310 kPaa) and will lead to bad
decisions at these pressures.
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Figure 3.20 Flowing BHP vs flow rate.

Fig. 3.20 compares Turner, Coleman, and Li at 150 psig (1034 kPag)
flowing from a 3000 ft (914 m) of 2-3/8 tubing (1.996 in (50.7 mm)
inside diameter tubing) well to a rigorous multiphase model that includes
evaporation and condensation. At zero flow rate, the model shows BHP
equal to surface pressure plus a column of liquid consistent with reservoir
pressure. As gas flow rate increases, the gas tries to lift the liquid column,
which lowers the apparent weight of the liquid column. At the minimum,
the lifting force is near a maximum, while not yet paying too high a price
in friction. From that minimum, increasing flow rate increases fluid fric-
tion and therefore BHP. On the 220 bbl/MMSCEF (1.24 m>/kSCm) line,
Li would require 13% more flow rate to reliably lift water and Coleman
would require 37% more flow. On the 100 bbl/MMSCEF line Turner
requires 22% more flow. All of these differences require that more reser-
voir energy be expended than is absolutely necessary.

If Turner and later theories lose reliability with low-pressure opera-
tions, what can you do? Fig. 3.21 shows a nontheoretical, field method
for determining an actual well’s critical flow rate. This method is based
on the fact that as long as the tubing and annulus are in easy communi-
cation, pressure in the annulus will contribute to the flow rate. When
the end of the tubing is immersed in water, this easy communication
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Figure 3.21 Nontheoretical method to determine critical rate.

stops. Obviously, as long as the well is efficiently lifting liquids, liquid

will not build up in the well-bore. This method takes advantage of

the fact that the volume of the tubing/casing annulus is finite and as

you use the stored energy you will be able to see pressure drop on
the annulus. The process that one field has used with very good eftect

has been:

Shut in the well until tubing and casing pressure equalize. If the well-
head is equipped to allow the spaces to be equalized on the surface,
make certain that these equalizer valves are shut.

Set up the automation (or stand-alone data logger) to record data at
1 minute intervals. If the automation system does not allow capturing
short-interval data (and what good is an automation system that does
not allow engineering analysis?) then use a data logger. Reliable,
short-interval data is crucial.

Start the well flowing to sales. On the data log, you will be able to
see casing pressure decreasing toward line pressure. If casing pres-
sure reaches separator pressure then this technique cannot be used
and you are limited to theoretical methods. Most of the time, the
casing pressure will stop decreasing at a value well above separator
pressure.
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* At the point where casing pressure stops decreasing, note the time. It
is usually a good idea to back up about an hour from the point that
casing stops decreasing and call the flow rate at that point “critical
flow.” There is no need to allow the well to continue to flow while
loading as is shown in Fig. 3.21.

One experienced operator runs this test anytime nominal line pressure
changes more than 15 psig (103.4 kPag) or once per quarter whichever
happens first. They input the critical flow into their automation computer
and anytime the well falls below the nontheoretical critical rate they shut
the well in with automation for a predetermined period. It is difficult to
tell the benefit of this regimented approach, because every well that they
have done the test on has significantly increased production rate above
forecast, which has caused forecasts to be revised upward pretty much
every quarter and the old data is not readily available. They seem quite
happy with the process.

3.5.2.2 Velocity string

Reealizing that a well’s flow rate at (or above) critical velocity is a function
of the velocity and the size of the tubing leads people to investigate
matching tubing size with the well’s ability to flow. While any tubing
string in a well is a “velocity string,” we tend to think in terms of smaller
than 2-3/8 (DN 50) tubing as velocity strings. The technique of reducing
tubing size to use reservoir energy to lift liquids has a very definite shelf
life. As a well continues a natural decline, any size tubing will eventually
be too big for the reservoir’s inflow to be above critical in the tubing.

As tubing gets smaller, friction increases at an even faster rate.
In Chapter 4, Surface Engineering Concepts, we’ll see that the
friction factor is a function of Reynolds number which has pipe ID
in the numerator, reducing Reynolds number can put you on a very
steeply increasing section of the friction curve so the impact on BHP
of reducing tubing size both reduces the flow area and increases the
friction factor.

Wells with aggressive velocity strings are very unforgiving. Some
observations are as follows:

» If the inflow rate increases, increases in friction losses can dampen the
inflow.

* If the inflow rate decreases slightly, you can drop below the critical
rate and load up very quickly (1 bbl (159 L) of water equals 1030 ft
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(314 m) in 1in (DN 25) which will add 500 psig (3.4 MPag) to the
BHP).

* A cold section in the well-bore can condense water vapor and upset
the balance in a near-critical well.

* Small-diameter velocity strings preclude both plungers, pumps, and
swabbing.

*  When using aggressive velocity strings it is a good idea to keep the
tubing/casing annulus valve shut.

3.5.2.3 Tubing flow controller

As people started accepting Turner’s theories, an obvious (after the fact)
next step is to manage tubing flow by augmenting it with casing flow.
The basic principle is that as long as tubing flow is above critical, then
flowing the tubing/casing annulus does not harm the wells flowing
capacity while improving profitability. The problem was that technology
had not caught up with the concepts when people first started trying to
implement this. My first attempt is shown in Fig. 3.22. This well was
experiencing liquid loading problems flowing 2.7 MMCSF/day
(76.5 kSCm/day) through both the tubing and casing. Separator pressure
was 10 psig (22 psia (151.7 kPaa)). Critical rate for the well (using the rig-
orous model because pressure was too low for the models based on
Turner) was 343 MSCF/day (9.7 kSCm/day). With the 2-in (DN 50)
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orifice meter with a 0.6 (3-ratio and a 2 psid (13.8 kPad) differential
pressure, the flow rate would be 362 MSCF/day (10.25 kSCm/day). The
dead band on the dP controller was about 1 psid (6.9 kPad) so we set the
controller to maintain 2—3 psid (13.8—20.68 kPad) which should have
kept the tubing flow well above our calculated critical rate while allowing
over 2 MMSCF/day (56.6 kSCm/day) to flow up the casing. This
attempt failed in an epic manner and the well loaded up in less than a
day. On post appraisal, we determined that while the pressure regulator
was rated to operate at 10 psig (69.0 kPag), it could be expected to be
sluggish and taking supply gas from the upstream meter tap as both sensor
and actuator gas was poor measurement practice. This trial was scrapped,
but we learned a lot:

* The dP of the orifice meter at low pressure was too high for
repeatable measurement so we had introduced too much uncertainty.

* The large pressure regulator was too sluggish and too prone to overshoot
its set point (which immediately dropped the tubing flow to zero).

* The dP required to actuate the dP controller was too large for accu-
rate measurement.

*  Pneumatic or hydraulic controls have a low probability of success, this
application requires Program Logic Controller (PLC) control with a
flexible program.

Other fields took these results and put together a system that works:

* They used PLC control (with a flexible program).

* They used V-Cone meters from McCrometer (see Chapter 5: Well-
Site Equipment) instead of orifice meters.

* They used electric-drive chokes or (in bigger applications) a valve like
a Fisher V-Ball with an electric actuator.

These refinements have created an environment that allows wells to
remain unloaded for years after most operators are installing mechanical
pumps.

3.5.2.4 Plungers
Early in a well’s life, there tends to be enough flowing BHP that the well
doesn’t need assistance. Later in life the reservoir may not have enough
pressure to provide the dP required to lift the plunger and the water load
and the operator must look for other deliquification methods. Plungers
are appropriate between these two extremes.

Gas is reasonably inefficient at moving liquid. As flow rates get too
low for the gas to do an acceptable job, it is logical to place a
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mechanical barrier between the liquid phase and the gas phase to allow
the gas to (efficiently) push the barrier and the barrier to (efficiently)
push the liquid. This process is done using “plungers” as the mechanical
barrier. The plunger acts like a pipeline pig (see Chapter 6: Gas
Gathering Systems) to force any liquids or solids in the tubing to surface.
The amount of mass that the plunger can move is limited by the avail-
able reservoir pressure. If flowing BHP is 10 psig (69 kPag) higher than
flowing tubing pressure and tubing size is 2-3/8, 4.7 Ibm/ft (1.996 in
(50.7 mm) inside diameter), then the weight of the plunger and the
weight of the water limits the carrying capacity to about 2.5 gallons/trip
(9.5 L/trip), if you are able to cycle a plunger 6 times/h then 10 psid
(69 kPag) can move 5 bbl/day (794 L/day) in 2-3/8 tubing. Bigger tub-
ing increases the capacity some, but bigger plungers are heavier so the
improvement is not linear.

A conventional plunger will not fall against flow, so some rudimentary
controls are required. Fig. 3.23 shows a fairly typical setup (this well has a
flow line from the casing to the separator which is not the norm, but is
not all that uncommon either). The plunger controller in this case is a
simple pneumatic timer that receives a signal from the arrival sensor that
the plunger has arrived and starts a clock to allow after flow for a fixed
period before shutting the motor valve to release the plunger for the next
cycle. The motor valve will stay shut for a predefined period to allow the
plunger to get to bottom, and then open to create the necessary differen-
tial pressure to cause the plunger to travel upward.

Lubricator

Casing flow
. to separator

Figure 3.23 Plunger controls.
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The controller in Fig. 3.23 happens to be a simple stop clock, the
complexity of controllers go upward sharply from there. Several compa-
nies sell dedicated plunger controllers that look at various parameters such
as the difterential between casing pressure and line pressure, or other pres-
sure differences. The next step-up is a generic PLC that can look at flow
rates vs predefined parameters (such as critical flow rate) to facilitate more
well-specific flow/no-flow decisions. The latest control schemes have
“learning” algorithms to determine on their own what control parameters
best suit a given well (e.g., one algorithm watches casing pressure from
1 second to the next and stops the after-flow when the rate of decrease in
casing pressure levels off, indicating that the well has reached critical
velocity and drops the plunger).

Plungers can be divided into “conventional” and “continuous” cate-
gories. Conventional plungers are much like pipeline pigs in that they are
either facilitating the removal of liquids or blocking the line. To drop a
conventional plunger you have to stop tubing flow.

Continuous plungers have a way to allow the plunger to bypass gas
around themselves and can fall against tubing flow. It is common for these
plungers to reach the surface, open the bypass port (either by forcing a
ball oft of a seat, or holding the sleeve and allowing the ball to fall, or
with a valve-positioning tool on the surface), and then falling to the
bottom to shut the port and make another trip without the well ever
shutting in.

The operating sequence for a plunger in broad strokes is as follows:

* Drop the plunger (for conventional plungers this requires stopping
tubing flow, for continuous they just fall).

* Allow enough time to let the plunger fall to the bottom (fall rate for
conventional plungers tends to be around 160 ft/min (50 m/min),
continuous plungers fall much faster, with some reporting 820 ft/min
(250 m/min)).

*  Open the tubing to sales and allow the plunger to rise to surface.

* When the plunger arrives (usually indicated by a “Magnetic Shut
Oft” or MSO) the well is allowed to flow to sales either for a set time
or until some predefined condition is met. This period is called “after-
flow” and is the time that the well is actually making money.

* At the end of the after-flow period for conventional plungers and
immediately for continuous plungers, drop the plunger and start the
process again.
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An alternate technique that has worked well when it can be auto-
mated (and has failed miserably without automation or with stop-clock
controllers) is as follows:

* Put the motor valve on the casing flow line instead of the tubing flow
line.

* When the plunger arrives, open the casing flow as you drop the
plunger.

* Let the plunger fall for a time (while flowing the casing).

* Shut the motor valve on the casing and let the plunger arrive.

This alternate technique allows the well to always be open to sales so
it removes the risk of too much after flow (taking pressure too low to
allow the plunger to turn around in the allotted time) or too little after
flow (reducing the well’s income).

3.5.2.5 Surfactants

When wells begin to lack the ability to reliably run a plunger, the next
step is often to “drop soap” to either reduce the dP required to run a
plunger or to improve the well’s ability to lift liquids without mechanical
assistance.

Soaps, foamers, and other surfactants are designed to foam and intro-
duce voids that tend to lighten a liquid column and reduce the surface
tension of the liquid droplets to minimize their size/weight. All soaps
have to be activated by agitation, and you need to ensure that the envi-
ronment where they are introduced is sufficiently turbulent to ensure
activation. Liquid soap that gets back to surface without foaming will
tend to foam in separators or flow lines.

Different formulations of surfactant are effective with different
fluids. Each condensate mix requires a unique formulation, and each
mixture of contaminants in water changes the effectiveness of a
surfactant.

’

Surfactants are either introduced by dropping “soap sticks,” inject-
ing the chemical into the bottom-hole using a capillary string, or
injecting it on the surface and hoping that it will dribble down the
well-bore (rarely effective). Surface injection is ineffective because the
adhesion between the soap and the pipe wall causes the soap to stick
to the pipe more strongly than the downward gravitational force and
it never gets to bottom. Since the reservoir fluids see a no-flow
boundary at the pipe walls, the turbulence available to activate the

soap is very low.
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Soap sticks are surfactants enclosed in a degradable plastic that is
designed to completely dissolve in produced water. They don’t always
completely dissolve and can plug up the end of a tubing string. Soap
sticks can be effective, but they are often abused.

Capillary strings are run down the tubing through the tubing master
valve. Shutting a master valve with a cap string in it will almost always
cut the string and cause the whole string to wad up in the hole and can
be very expensive to fish out. There have been reports of wells logging
off from too much soap injected down a capillary string.

3.5.2.6 Intermitting

When a well is shut in, the pressure deep in the reservoir will tend to
migrate toward the near-well-bore rock. We saw an example in Fig. 3.2
of a well that had been on intermittent cycles for some time. Stopping
this process by installing a compressor will nearly always increase total
production. About the only thing that can be said in favor of intermitting
is that it makes slightly more revenue than plugging the well and throws
away less gas than vent cycles. My recommendation to operators who
chose to intermit wells is to stop and do the economic evaluation to
install compression or a downhole pump.

3.5.2.7 Vent cycles

For the weakest wells, with marginal to poor economics, vent cycles are
occasionally still used in spite of strong regulatory resistance to the prac-
tice (in many places the vented gas must go to a flare stack). Venting
requires the same shut-in periods as intermitting, but at the end of the
shut-in period instead of sending the well to sales you vent it to the atmo-
sphere for a time and then send it to sales. Therein lies the rub—how do
you know when the well is unloaded and you can shift to sales? You don’t
know and wells on vent cycles are constantly vacillating between too-
short venting that doesn’t unload the well and too-long venting that sends
gas to the atmosphere after the last of the liquid has been lifted.

Fig. 3.24 shows why this occasionally works. If we have pipe with a
25in (63.5mm) ID (such as 3-1/2, 16.70 Ibm/ft) with 100 psig
(690 kPag) flowing tubing pressure you would be liquid loading.
Opening the tubing to atmosphere drops flowing tubing pressure to
0 psig and puts you on the bottom curve in the “not loading” region. If
the tubing were 3-1/2, 9.20 lbm/ft (2.992 in (76 mm) ID) instead, then
opening the vent would take you from “loading” on the top curve to too
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Figure 3.24 Pipe size vs flowing BHP.

close to “loading” on the bottom curve and would most likely not have
the effect of unloading the well.

While in this example, the well-bore liquids might be lifted to surface,
the gas would not be going to sales during the vent cycle so you have to
wonder if the after-flow is worth the waste. The industry has recognized
that this practice is very imprecise, not particularly effective, and discards
significant saleable gas. Vent cycles are typically seen as an alternative to
abandonment rather than as a viable deliquification method.

3.5.3 Deliquification with added energy

At some point in any well’s life cycle, the operator has to make the eco-
nomic decision to either add energy to the process or plug the well.
Many of the added energy techniques that we’ll discuss in this section are
artificial lift techniques that have been adapted to deliquification by
changing procedures and/or modifying equipment.

3.5.3.1 Pumping considerations
Not all techniques that add energy are actually “pumping liquid,” it is
common to think of them that way.
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Emissions. None of the techniques in this section directly vent gas to
the atmosphere, but they all require some external motive force. On-site
engines are normally internal combustion engines that either burn well
gas (most common for gas wells) or liquid fuel trucked to site. Electric
motors result in about the same emissions as on-site engines, but those
emissions take place elsewhere and someone else is accountable for
them.

The major reporting concerns are oxides of sulfur (SO,), oxides of
nitrogen (NO,), carbon monoxide (CO), and unburned fuel.
Environmental regulators have added the so-called greenhouse gases to
the list, often in direct contravention of local law (e.g., in the United
States the “Clean Air Act” explicitly prohibits CO, and CH, from being
classed as “pollutants,” but in 2015 the US Environmental Protection
Agency did in fact class these beneficial gases as pollutants and the regula-
tion was later struck down by the courts). The actual pollutants of con-
cern are all the result of burning fuel with inadequate oxygen. It is
becoming common for operators to install fuel-air monitors to keep the
combustion as close to stoichiometric as possible and to create a record of
monitoring activities.

Environmental agencies have recently spent a lot of effort (and tax-
payer money) on reducing “unloading emissions” which involve dumping
raw “greenhouse gases” into the atmosphere unburned. Engine stack gas
is not a factor in this category of emissions.

Net positive suction head (NPSH). In 1993, I was in a mixed engineer-
ing group made up of production engineers and facilities engineers. One
of the production engineers proposed installing an electric submersible
pump (ESP) in a gas well. Innocently, I asked “what is the net positive
suction head required for that pump?” The production engineer got
the look that all engineers get from time to time, the look that says
“I have no earthly idea what you are talking about, but I refuse to look
dumb so I'll make something up,” and he said “it is zero.” I looked over
at our boss (another facilities engineer) and without another word he said
to the production engineer “David will be helping you with specifying
that pump.” I've been very much involved in gas-well deliquification ever
since. This seems to be an area with few facilities engineers involved
which has always seemed odd to me since so much of facilities engineer-
ing is about shifting fluids from one place to another, vertical is not that
much difterent.
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Understanding NPSH is crucial to understanding how downhole
pumps work (or don’t). Let’s start with three important definitions
(Simpson 2):

* NPSH: the amount of external pressure at the inlet to the pump

*  Required NPSH (NPSH-r): The amount of external pressure required
at the pump suction to ensure that the pump operates full of liquid
without phase changes.

*  Available NPSH (NPSH-a): The amount of external pressure available
at the pump suction.

It generally doesn’t matter if NPSH comes from an actual column of
liquid or from an imposed pressure (as long as the pump sees
continuous-phase liquid at the pump suction). NPSH-r is a function of
fluid properties, primarily boiling point and vapor pressure. Dissolved
and entrained gases do not materially impact NPSH since they are not
condensable.

Fig. 3.25 shows why NPSH in oil fields is less of a problem than in
gas fields. In a static system, liquid will try to “seek its own level” mean-
ing that in Fig. 3.25 the oil level will rise in the tubing to be equal to the
highest point in the reservoir that is impacted by the well. Often several
hundred feet of liquid will be above the pump in an oil well without
impacting reservoir performance.

In a gas field, any liquid above the formation will add backpressure
to the producing formation. Managing that total backpressure is an
important part of production operations, but it is complicated by the
competing requirements that downhole pumps need NPSH-r and the
reservoir needs a certain flowing BHP. Trading these competing require-
ments against one another is far more complex than many operators
realize.
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Figure 3.25 NPSH in oil fields.
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If you need more NPSH-a than you have, you can:

* Change technology: an SRP requires less NPSH-r than a jet pump for
example.

* Install or modify downhole equipment: you can look at changing tub-
ing size, installing downhole separators, installing devices to trip travel-
ing valves on SRPs, put vent holes in piping (be careful of this, any
hole on the discharge side of the pump will reduce pump capacity and
too big a hole can steal the entire pump capacity).

* Remove pressure drops: screens, tail pipes, standing valves all have
some amount of pressure drop that reduces the NPSH-a, but you
need to understand why these things are installed in the first place to
be able to evaluate the impact of removing them.

* Change pump set depth: This will be discussed later.

Cavitation. When NPSH-a is less than NPSH-r in a dynamic pump
(e.g., ESP or jet pump), then there is a significant risk of “cavitation.”
“Cavitation” is “the formation and subsequent collapse of vapor bub-
bles in a flow stream.” The “subsequent collapse” phrase is the impor-
tant part. When the vapor bubbles collapse, the surrounding liquid
rushes into the void at sonic velocity and can tear metal from the sur-
face of piping and fixtures. Fig. 3.26 shows a jet pump throat that was
put into cavitation for less than 1 hour (the pump suction piping was
clogged tight with coal fines and the pump could not find anything to
pump so its “work” shifted to destroying itself). Cavitation is only an
issue in dynamic pumps that rely on constant fluid-phase inside the
pump. PD pumps can cavitate, but the outcome is rougher piping, not
failed functionality.

Tithing set depth. The industry has observed that in oil fields, setting a
pump deep in a well (often significantly below the perforations,

Figure 3.26 Cutaway of a damaged jet pump throat.
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colloquially called “sumping the pump”) will generally increase liquid
production, in terms of both production rate and ultimate recovery. This
seems to be due to the fact that gravity has a profound impact on liquids
and the deeper you set the pump, the more pressure the pump will see at
the suction added to the cohesive forces of a continuous-phase liquid.
When pumping a commercial product, increasing both the production
rate and ultimate recovery is a very good thing.

But is it good when pumping a waste product? If you’ll remember
back to Fig. 3.1, in a gas reservoir, the near-well-bore tends to “empty”
with production and “refill” during shut-in periods. That process assumes
that liquids are evenly disbursed as droplets or small pockets. Since gravity
acts more strongly on liquids than on gases, putting a pump below the
producing formation has a strong siphoning effect on the water (the same
as it has on oil in an oil reservoir) allowing the isolated pockets and dro-
plets of liquid to aggregate. The higher this differential is, the more of the
reservoir will experience cohesive-liquid flow. As the cone of cohesive-
liquid flow increases, the flow channels become liquid-full farther from
the well-bore. Liquid-full flow channels increase the drainage area for
liquids, at the expense of gas. The farther you get from the well-bore, the
lower the differential pressure across any given volume. Lower dP means
it is more difficult for gas to displace the liquid deep in the reservoir, and
the only fluid that flows through that volume is liquid.

What is the impact of lowering tubing to sump the pump (Table 3.2)
as many people do in gas fields around the world?

Data on sumping pumps in gas fields is quite difficult to come by.
Companies that routinely set pumps below the producing formation
never set pumps above the producing formation and vice versa. Getting
comparative apples-to-apples data has proven impossible. The hardest

Table 3.2 Effect of sumping a pump

Oil Gas/Water
Provides NPSH-a for pump  Good Good
Increases the rate you can Good Only good if more water can
remove liquid correlate to more gas (generally
the opposite is true)
Increases the liquid drainage  Good Very bad (you get water restricting
area at the cost of gas flow paths into the well-bore)

production
Produces more liquid Very good Not good
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thing to sort out is the question “does more water production correlate
to more gas production and/or more ultimate recovery?” If not, does less
water production (approximately equal to the native inflow rate) correlate
to more or less production and/or ultimate recovery?” As an industry we
do not have a universal answer to either of these questions.

In the POD project in the San Juan Basin mentioned earlier
(Simpson, 1) we kept careful records on gas and water production along
with everything else and we had the latitude to reposition the tubing as
we saw the necessity. We found that wells with the tubing set below the
lowest zone, we did make more liquid, but less gas. We further found
that placing the tubing near the middle of the most productive zone max-
imized gas production while minimizing water production in both pump-
ing and free-flowing wells. Our conclusion from this is that (at least in
CBM) the water in the reservoir is holding the gas onto the coal and
removing it faster than desorbed gas can flow to the well-bore causes that
gas to migrate in other directions and become unrecoverable.

[ can’t say how well this concept translates to other formations, but I
have observed in a very densely drilled tight gas field, sumping a pump
did increase water production while decreasing both gas and condensate
production on several wells when new engineers came into the field and
demanded that tubing be lowered “because that is the way we did it in
my last field.” This was far from a scientific study and could have no rele-
vance at all, but it is what I observed.

113

The area below the producing formation is typically called the “rat
hole” because the original purpose of drilling past the target formation
was to provide a location for fill and well-bore trash to accumulate. Keep
that purpose in mind when deciding to set a pump in the rat hole. Some
of the observed problems with sumping pumps in the rat hole have
included the following:

* Concentration of well-bore trash (dropped tools, corrosion products,

scale, sludge, and fill) in the pump suction
» Difficulty in removing heat from electric motors in a space with

limited-to-no fluid outside of the production casing.

3.5.3.2 Surface compression

As we discussed earlier, critical flow rate can be altered by changing flow-
ing tubing pressure. Lower surface pressure can also increase the differen-
tial pressure between the reservoir and the well-bore which can increase
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flow into the well. Well-site or gathering system compression is often
a useful tool for reservoir management. It can also serve as a facilitating
element for the deliquification techniques mentioned earlier (e.g.,
lower flowing tubing pressure lowers the critical flow rate for a given
tubing size).

In oil fields, the addition of compression is almost always classified as
“rate acceleration” in that its purpose is to remove interfering gas from
liquid flow to get the reservoir flow closer to a continuous-phase liquid.
In gas fields, rate acceleration economics are rarely robust enough to
allow projects to be authorized. On the other hand, when we book gas
reserves we assume an abandonment pressure. Compression can (and
does) lower the economic abandonment pressure, adding reserves just as
surely as drilling a new well does. The economics of projects that add
reserves tend to be very robust.

3.5.3.3 Evaporation as deliquification

If your pressure is low enough, then it is sometimes possible to evaporate
all of the liquid that flows into the well-bore. This technique works, but
it requires you to be willing/able to work under vacuum conditions and
generally requires you to remove production tubing from the well alto-
gether. In a deep vacuum, none of the incompressible-flow equations will
have any relationship to observed data. Friction factors based on the
Colebrook equation (Chapter 4: Surface Engineering Concepts) will not
be valid, and using them will understate the friction by at least an order
of magnitude. Friction is still a strong function of velocity, but the rela-
tionship to Reynolds number becomes very tenuous. Providing all the
flow area possible (by removing tubing) minimizes the velocity and there-
fore the friction.

A major concern is that evaporating the produced water will leave
solids behind that can plug the formation. There is no theory that says
that this is unlikely, but experience to date has not shown it to be a signif-
icant problem.

To get a feeling for the magnitude of inflow where this technique
might be useful, remember from Fig. 3.4 that as pressure comes down
(for a given temperature), the amount of water vapor that a gas can carry
increases rapidly. At 106°F (41°C) and 50 psia (345 kPa) 100% RH is
1096 Ibm/MMSCEF (17.5 gm/SCm). If you drop the pressure to 3 psia
(21 kPaa) the water content jumps to 17,980 lbm/MMSCF (288 gm/
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SCm). The difference between those two data points is nearly 50 bbl/
MMSCE (7.66 m>/SCm). There are a very large number of gas wells that
make less than 50 bbl/MMSCE

The most significant impediment of widespread use of this technique
is simple fear and superstition. This technique requires operating in vac-
uum conditions. As will be discussed at length in Chapter 4, Surface
Engineering Concepts, some very bad science has led to widespread ter-
ror of oxygen-related corrosion modalities to compliment widespread
uneasiness that introducing oxygen could cause compressor stations to
explode. This uneasiness is unsupported in actual experience, but persists
anyway. Many jurisdictions have responded to the bad science by placing
significant regulatory impediments to operating gas wells below atmo-
spheric pressure. Most regulations provide processes to allow engineers to
successfully make the case to allow vacuum operations on a case-by-case
basis, but the process is far from trivial or automatic.

Colorado has regulations requiring permission to operate at a vacuum.
One of my clients elected to be the first company to attempt to acquire
that permission on a group of 22 CBM wells in La Plata County, CO
(Fig. 3.27). Since the client was both the producer and the gatherer, there
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Figure 3.27 22 Wells on vacuum deliquification test.
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were no gathering company objections to the application. We prepared

the application with the following proactive provisions:

* Each well on vacuum would have an on-site oxygen sensor and a slam
valve to shut the well in on high O, (without specifying what “high”
meant which turned out to be important).

* At the aggregation points where the gas was delivered to a third party,
there would be additional O, sensors connected to the station emer-
gency shutdown system.

The application was approved and equipment was ordered. Fig. 3.27
shows the results of that test (in early 2010, both the company facilities
engineer and company production engineer retired and their replace-
ments decided that the field needed to go back to “tried and true” tech-
niques and they installed tubing and pump jacks on all of the wells, the
results were disappointing). During the implementation stage we learned:
* Setting the O, sensors at a spike to 10 ppm resulted in most wells

being shut-in most of the time during the start-up phase of the project

(we reset them to >25 ppm for 30 seconds which helped a lot).

» All pressure safety valves (PSV) are designed to leak when downstream
pressure is greater than upstream pressure. We fixed this by putting
rupture disks (best) or check valves (not as effective, but nearly) under
the PSV.

» Sight glass packing nearly always leaks and the leaks can be very hard
to find. We replaced sight glass packing, but eventually just isolated
the sight glasses out of service.

» Finger-tight plugs in open-ended tubing are far worse than worthless
(a visual inspection shows the line as plugged, but the plug doesn’t
really do anything).

e Threaded connections often leak, and leaks can be difficult to find.
We were able to solve most of the issues during the vacuum start-up,

and had them all resolved within 6 months. I visited the field in early 2009
after 4 years of operation and talked to the field operator (who I didn’t
know) and asked him how often the O, sensors tripped. He looked at me
funny and said “do you know how to reset them?”” Meaning, of course, that
in the year he had been operating the wells none of them had ever tripped
and he lived in fear of one ever tripping. I showed him how to reset them.

3.5.3.4 Pump-off control
It is often important to match pump capacity to the reservoir inflow
capacity. In oil wells it is very common to use start/stop controls quite
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effectively. The reason that this works can be traced back to Fig. 3.25,
and the tendency of the fluids to seek their own level. It is common to
pump the well-bore storage and then shut the pump oft allow the well-
bore to refill (basically intermitting the oil well).

Start/stop control is rarely effective in gas wells because the gas—oil
ratio and/or the gas—water ratio (GWR) are high enough that accumu-
lated liquid will be displaced by gas migrating through the liquid during
the pump-off period, resulting in decreasing the NPSH-a instead of
increasing it like happens in an oil well. In addition to gas-displacement
problems, we often see cases where (on pumps installed without a stand-
ing valve, which is occasionally done to minimize suction dP and maxi-
mize NPSH-a) turning the pump oft will cause the tubing to empty
through the pump, usually turning the pump backward, which on
electric-drive pumps can convert the motor into a generator running at a
frequency incompatible with the grid. When there is a standing valve,
solids will settle out of the fluid column and can plug off tubing or dam-
age the pump on start-up.

In gas fields, we've looked for real-time indications that the well is
approaching pumped-off that will alert the control system prior to the
pump running dry. Some of the things that have been tried include:

» flow rate changes;

* tubing/casing pressure differential;

* rate of change in casing pressure (only effective when the casing is
shut in, rarely useful);

* load indicators like dynamometer cards for SRP, torque for top-drive

PCP, and power consumption for downhole electric motors.

Rather than using any criteria to start/stop a downhole pump, it is
often more effective to install variable frequency drives (VFD) which
have the added benefit of providing “soft start” to minimize the power
consumption at start-up (which is the basis for a “demand charge”
from the public utility and can be more expensive than the power-
consumption portion of an industrial electric bill). VFD equipment
significantly improves the performance of downhole pumps (both top
drive and those with submersible motors).

A commercial system that has proven to be very effective in gas well
deliquification is Weatherford’s Wellpilot Flow Control Technology (FCT)
System (Fig. 3.28). This deceptively simple device consists of two probes,
one with both a heating element and a temperature-sensing element and
the other probe with just a temperature-sensing element. As the flow
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Weatherford wellpilot
FCT probe

Figure 3.29 Installation suggestion for FCT.

stream gets less dense (because of more entrained gas), the heated probe
gets hotter relative to the sensing probe and sends a signal to slow the
pump down. As the flow stream gets more dense (because of less
entrained gas), the heated probe temperature gets closer to the tempera-
ture of the sensing probe and sends a signal to speed the pump up. While
these changes in density at the surface happen several minutes after an
actual change, the device is sensitive enough to detect the smallest of
changes and the lag tends to not be debilitating. This device along with a
VED has proven to be especially capable in keeping PCPs from filling up
with gas and destroying themselves through the heat of compression (see
Section 3.5.3.6). This is the only pump-oft control device or process that
I've seen to be consistently useful in gas-well deliquification. We found
that if the flow line does not run full, then manufacturing a low place in
the line (Fig. 3.29) can prevent the device from hunting.
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3.5.3.5 Sucker rod pumps

Versions of the Sucker Rod Pump (SRP) technology have been used
for over 6000 years. A simple chamber (the “barrel”) with a nonreturn
valve on the bottom (the “standing valve”) and a moving plunger with
a nonreturn valve (the “traveling valve”) connected to the surface with
“sucker rods” make up the system. As the plunger starts down
(Fig. 3.30, left-hand image), the traveling valve is forced open and the
plunger is allowed to “swallow” the liquid that is in the barrel. As the
plunger starts back up (Fig. 3.30, right-hand image), the traveling valve
is forced closed and the standing valve is pulled open. The ball portion
of the standing valve controls the NPSH-r of the pump.
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Look at the left-hand image in Fig. 3.30 and note that the surface area
exposed to the formation below the standing valve is much smaller than the
surface are exposed to the tubing (otherwise the ball would fall through). In
actual practice the eftective area exposed to the reservoir is about 43% of
total area under force. This causes the NPSH-r to open the standing valve
to be about 14% higher than the pressure in the barrel when the plunger has
moved some distance upward. For a barrel that is liquid-full, the incompres-
siblity of water makes this differential insignificant since the bulk modulus
of water requires dropping pressure 319,000 psi (2.2 GPa) to expand liquid
water by 1%. Rather than dropping pressure to an impossible value, the
standing valve will lift. On the other hand, if there is any gas in the barrel it
must expand until the pressure in the barrel is 14% lower than BHP. Since
every pump stroke in a gas well invariably ingests some gas, this phenomena
brings most pump manufacturers to the conclusion that the NPSH-r for
SRP in gas wells is on the order of 100 ft (30.5 m) of water column.

SRP are “PD pumps.” That means that for every complete cycle (full
stroke in an SRP, a full 360-degree revolution on a PCP, etc.) the pump
will displace the same physical volume, but not necessarily the same mass
of fluid. If a PD pump is running at 100% efficiency (Fig. 3.31) there is
no relationship between discharge pressure and flow (there is a very
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definite relationship between discharge pressure, mass flow rate, and
power input required, but the discharge pressure and flow rate are inde-
pendent of each other). We don’t live in a world where 100% is even pos-
sible. When you push really hard on the fluid in the pump outlet, some
will leak back through seals toward the suction. This slipped fluid is
warmer than the bulk of the fluid so it can make micro changes in density
and viscosity. The actual relationship between pump discharge pressure
and volume flow rate is really quite complex in a PD pump, the details of
this complexity are very much individual-pump specific so they don’t
lend themselves to a general discussion.

If the traveling valve does not open on every single stroke, then the
pump is said to be “gas locked.” When the barrel is full of gas, then the
descending plunger must compress the gas in the barrel before the pres-
sure in the barrel is high enough to lift the traveling valve. This compres-
sion is accompanied by the “adiabatic heat of compression” (Eq. (3.18))
which can raise the temperature of the gas high enough to boil any water
that happens to enter the pump. This kind of gas lock will continue until
enough liquid leaks between the plunger and the barrel to raise the mass
in the barrel and increase pressure high enough to open the traveling
valve and allow tubing liquid to rush in and quench the steam. At that
point the pump will work for several strokes before beginning to accu-
mulate gas again. Most SRP with conventional surface equipment are gas
locked most of the time.

The risk of gas locking an SRP can be reduced by applying backpres-
sure (Table 3.3) for the same reasons discussed in Section 3.4.3. The effect
can be seen with an example. A CBM well has a conventional pump jack
with the SRP set at 3000 ft (914 m) and designed for 20 bbl/day
(3180 L/day). Flowing casing pressure is O psig.

In this real-life example, backpressure worked to return the pump to
the zero-gas performance (which is not terribly good, but often accept-
able). Downhole techniques like oversized pump barrels (or undersized

Table 3.3 SRP backpressure example
0 MSCF/day 1 MSCF/day

0 psig tbg 200 psig tbg 0 psig tbg 200 psig tbg
Pump discharge at 3000 ft 1311 psig 1511 psig 41 psig 1248 psig
dP across plunger 1280 psi 1480 psi 38 psi 1245 psi
Slippage (gal/day) 7.9 9.1 0.004 7.3
Time to break gas lock 4 hours 3.5 hours 5 days 4 hours
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Figure 3.32 Conventional pump jack.

plungers), installing a rod to trip traveling valve, tapered barrel, or down-
hole gas separators have had very limited success and while frequently
tried, none have received widespread acceptance or long-term reliability.

Conventional pump jacks. The mainstay of the oil field for at least 100
years has been the “pump jack” called at various times in various places
“beam unit” or “nodding donkey.” The pump jack stand in Fig. 3.32 is a
balance between requiring small lifting capacity for this well while having
to clear the wellhead with the horse head. Pump jacks are often run by
small natural-gas fired engines (single cylinder engines or “one lungers”
are common) which are very difficult to adjust their speed remotely, so
pumping rate is fixed in a macro sense (i.e., you can change it, but it
requires a technician on site).

There are many online and slide-rule calculators to determine the
expected flow rate and load requirements on a pump jack, and the under-
lying mathematics are reasonably complex and of questionable valve for
conventional SRP in gas fields. Data from the analysis of hundreds of
dynamometer cards in pump-jack gas wells indicate that it is rare for an
SRP in gas wells to be less than 30% full of gas (Lea et al., 2008) which
makes surface readings difficult to interpret (it is hard to tell the difference
between gas in the barrel and other problems) and the computerized
translation to a downhole card (which eliminates rod stretch) quite unreli-
able (since rod stretch is a function of the weight of the column of fluid
and assumes no gas in the tubing).

The walking beam on a pump jack (the part that connects the
rod string to the prime mover) translates rotational force from the
prime mover to linear force lifting and lowering the SRP plunger.
The prime mover is rotating at a constant speed, but depending on
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where the crank is in its travel, the pitman arm (and therefore the

walking beam and polished rod) move at a faster or slower speed.

When the crank is approaching the 3 o’clock or 9 o’clock positions,

each degree of rotation causes the pitman arm to travel a much

greater distance than when the crank i1s approaching the 12 o’clock
or 6 o’clock positions. This results in very inconsistent plunger
velocity that is completely unrelated to the needs of the pump or,
more importantly, the reservoir. I have operated many pump jacks
connected to SRP and have had consistently poor results. When

a client asks for a recommendation on deliquification technology,

nodding donkeys are not on the list.

There have been some recent reports of electric-drive pump jacks
with highly capable VED that can cause a pump to increase travel rate on
the upstroke and decrease travel rate on the downstroke. Even though
these pumps are not able to pause at the top of the stroke like the linear
SRP (later) to facilitate pump leakage with minimum engagement of
the plunger in the barrel, they are still able to significantly improve the
performance of pump jacks.

Linear SRP. The observation that conventional pump jacks are gener-
ally a poor choice for deliquification should not be taken to mean that
SRP is not a viable deliquification technology. In the late 1990s there was
a field trial on two pneumatic linear rod pumps (Fig. 3.33). These pumps
were completely pneumatic (with no electronic controls), operating on
field gas at the very bottom of the acceptable pressure range. At the oper-
ating pressure we had, the pumps were very difficult to keep running reli-
ably. One of the field techs was interested in making the technology
work and spent considerable time dialing it in and keeping ahead of pro-
blems. The other field tech saw it as extra work and had no investment in
its success or failure. The test failed, but we did learn:

*  While the polished rod speed was not exactly constant (the pump
paused at the bottom and top of travel while valves repositioned and
pneumatic spaces repressurized), the speeds seemed very compatible
with the operation of the SRP.

*  Too much marketable gas was vented in pump operation (in our case
the pump vented to the well-site compressor, but that is not the com-
mon configuration).

* The pump required far too much human intervention to maintain
optimization, many of these activities would have been better done by
a PLC.
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Figure 3.33 Pneumatic SRP linear driver.

* The well with the optimized pump responded very well, and the
pauses (especially at the top of the stroke with minimum plunger
engagement) minimized gas locking, and possibly eliminated it.

* Success of this pump is very much dependent on the commitment of
the lease operator, and without their buy-in this particular pump (like
most technology) has to fail.

Over the last few years, several manufacturers have produced versions
of linear rod pumps with electric or hydraulic drivers (one manufacturer
has a hydraulic system with a pneumatic accumulator to recover a signifi-
cant portion of the pumping energy, the pump is expensive and the man-
ufacturer is not featuring it in their marketing).

As long as the system has flexibility in programming, either electric or
hydraulic drivers provide an excellent deliquification solution. At a mini-
mum the programming needs to:

* Allow programming a user-specified (and field changeable) pause at the
top of the stroke. This seems to be the key element to allow an SRP
to operate with zero NPSH-r. The pause at minimum engagement
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accelerates the exchange of gas from inside the chamber with liquid
from the tubing so that the traveling valve will open immediately on
the downstroke and (more importantly) immediately on the upstroke.
With an adequate pause at the top of the stroke the pump should open
both the standing valve and the traveling valve every stroke.

* Allow programming up-speed and down-speed independently and
from the field.

* Allow programming a pause at the bottom of the stroke.

* Be compatible with a competent pump-oft control mechanism such as
Weatherford’s Wellpilot FCT.
Linear drivers with SRP are near the top of my list of recommended

devices for deliquification using external energy.

3.5.3.6 Progressing cavity pumps
My experience with PCP equipment has been mixed over the years.
Many times I have been convinced that this is simply inappropriate tech-
nology for deliquification (Fig. 3.34), I've also seen them used eftectively
as headache racks on pickups and heard stories of a gentleman’s club in
an oilfield town using them in lieu of stripper poles). Other times I've
seen encouraging results.

PCP are PD pumps and act much like the pump shown in Fig. 3.31. In
top-drive, downhole applications, the pump housing and stator are screwed

Figure 3.34 PCP rotor as a truck bumper.
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on to the bottom of the tubing and sucker rods are connected to the rotor.
The rods are mostly similar to sucker rods used for an SRP (some of the
nonmetallic rods used with SRP cannot be used in torsional applications,
but the metallic rods and some nonmetallic rods work fine).

There are some electric submersible PCP on the market, but their
market penetration has been very slow. One big problem is that the maxi-
mum rpm for a PCP is around 350 rpm which is not a comfortable speed
for AC motors and speed reducers are generally required. Speed reducers
are typically a significant maintenance item and when you have to pull
the tubing to service the gearbox producers want to back away.
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PCP technology was developed to pump emulsions on the surface in
food manufacturing. This is a challenging pumping application and seems
ideal for a raw blood-guts-and-feathers downhole application, and it has
proven very successful in oil wells. Fig. 3.35 shows the functional compo-
nents of a PCP. The stator is made of an elastomer to allow the steel rotor
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Figure 3.35 PCP cutaway.
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to move inside the stator. It is a PD pump and every revolution of the
rotor shifts the same volume from the suction toward the discharge. If
that volume is filled with a gas, then the pump will still raise the pressure
of the volume from suction conditions to discharge conditions. This cre-
ates heat of compression Eq. (3.18).

If a pump set at 3000 ft (914 m) that has been pumping a continuous
stream of liquid with minimal gas with bottom-hole temperature of
100°F (38°C) and 15 psig (103 kPag) BHP gets hit with a slug of gas
larger than the volume of the pump, the discharge temperature of the gas
will be 1160°F (627°C)—much higher than the elastomer can tolerate.
We frequently see pumps pulled out of gas wells with the top half of the
stator cooked to (very nonresilient) glass. The pumps tolerate a small
amount of gas, and as we saw in Section 3.4.3, the pump discharge can
be significantly lower than the theoretical hydrostatic head, so we see
many pumps survive gas slugs that should destroy them. We also see
destroyed pumps in situations where logic would say they were not at
risk.

The other issue with top-drive PCP with electric motors is that the
motors put a significant cantilevered load on the wellhead. The motor
and top-drive sheaves on the wellhead in Fig. 3.36 fell on the ground a
few months before the picture was taken. It was very noisy and a lot of
saleable gas was lost. After evaluating the techniques in general use, the
client decided to have this motor stand designed. The stand has height
adjustments to ensure that the stand is carrying the weight of the motor
instead of it side-loading the pipe threads on the wellhead. It seemed to
solve the problem for a few hundred dollars.

The difference between encouraging results and discouraging results is
given in Table 3.4.

In certain conditions, PCP are high on a recommended technology
list, but this definitely is not a “one-size-fits-all” or even a “silver bullet”
solution to deliquification in general. Many operators have “standardized”
on PCP and in those operations the failure rates tend to be
unacceptable because replacing “analysis” with “policy” rarely ends well.

3.5.3.7 Electric submersible pump

ESP are multistage centrifugal pumps. A centrifugal pump is a dynamic
device that brings fluid into the center of the “impeller” (the “eye”), the
impeller slings it outward and forces it into a diverging section called a
“volute.” The note in Fig. 3.37 is important since the mass flow rate of
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Figure 3.36 PCP support system.

Table 3.4 Success factors for PCP

Good outcomes Bad outcomes
Competent pump-off Most Rarely
control
Flowing tubing pressure >145 psia (10 bara) <100 psia (6.9 bara)
Well configuration Vertical top drive Deviated
Drive Top drive Both top drive and ES
drive
NPSH-a >60 ft (18.3 m) <40 ft (12.2 m)
Required capacity in gas <200 bbl/day >400 bbl/day
well (31.8 m®/day) (31.8 m*/day)

the suction must equal the mass flow rate of the discharge (since the
pump has no place to store extra fluid and no internal source of makeup
fluid), if the pipes are the same size then (for an incompressible fluid) the
velocity must be equal. Bernoullis equation (Chapter 0: Introduction)
explains the relationship between change in velocity and change in pres-
sure for incompressible flow.
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Figure 3.37 ESP operation.

In a multistage centrifugal pump, the first stage draws on the reservoir
fluids and discharges into the next stage, and this process repeats until the
last stage discharges into the tubing. Pump stages can be stacked as high
as necessary. For example, if a pump can deliver 50 ft (15.2 m) (22 psi
(162 kPa) of head per stage, and the BHP is 400 psig (2760 kPag) (924 ft
(282 m)), then to overcome 3000 ft (914 m) of hydrostatic pressure and
200 psig (1380 kPag) flowing tubing pressure the pump probably needs
something like 50 stages.

Fig. 3.38 shows the relationship between pump head and flow rate.
The shaded area is the “operating envelope” which is a concept unique
to dynamic pumps. While the pump can theoretically operate far outside
of this region, in actual use at very low and very high flow rates, the
pump simply stops operating. When we talk about centrifugal compres-
sors in Chapter 8, Gas Compression, we’ll see that for compressible fluids
the upper and lower limits are defined as “choke line” and “surge line,”
respectively. While neither “choke” nor “surge” have physical meaning
with flow of an incompressible fluid, analogous physical limitations pre-
vent centrifugal pumps from operating outside of this envelope. In the
Fig. 3.38 pump, slowing the motor down to reduce the capacity below
36% of theoretical maximum flow does not give you enough velocity at
the entrance to the volute to achieve required discharge pressure within
the volute. Speeding the motor up to increase the capacity above 83% of
theoretical maximum flow rate risks phase change and cavitation in the
volute even with adequate NPSH-a.

Centrifugal pumps have a narrow range of flow rates, but gas wells
have a variable inflow rate that can change dramatically from moment to
moment. The NPSH-r for these pumps is flow rate specific (larger flow
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Figure 3.38 ESP pump head.

rate, more NPSH-r) but NPSH-r is never less than 150 ft (46 m) and

very large (oil field) pumps can require 6000 ft (1829 m) NPSH-r. Some

operators have put ESP on start/stop cycles to try to match inflow with

the operating envelope, but there are risks:

*  Stopping the pump will empty tubing back into the formation (and
can turn the downhole motor into a generator).

* A standing valve on the pump discharge can prevent draining the tub-
ing, but it allows solids to settle out and the solids can seize the pump.

* A hole in the tubing above the standing valve will allow the tubing to
drain, but the hole will steal capacity and it is difficult to balance hole
size with particle size. If you get it wrong it can steal the entire capac-
ity of the pump.

There are operators of gas fields who only use ESP (a policy) and find
the results good enough to continue the policy. Upon reviewing the per-
formance of fields using ESP, I've found that they could only be consid-
ered a “success” if you have a very liberal interpretation of “success.”
Normal Oil & Gas definitions of success would call all of the installations
I've reviewed to be “dismal failures” with failure rates, pulling jobs, and
production rates all in the “unacceptable” category. Because of the
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limitations of ESP, operators that use them in gas wells try to always set
the pump well below (sometimes as much as 400 ft (122 m) below the
perforations) the producing formation which plays a role in marginal
GWR. ESP are not on my list of recommended deliquification technolo-
gies (although for oil wells their very high flow capacity is often quite
attractive).

3.5.3.8 Downhole jet pump

Jet pumps have been used downhole for nearly 75 years. The traditional
oil field jet pump has the pump in a packer and you pump the power
fluid down the tubing and the combined reservoir fluid and power fluid
return up the tubing/casing annulus. This configuration is a problem for
gas wells because there is really no space in the pump for the gas to exit
the reservoir. In the 1980s the major manufacturer of downhole jet
pumps developed a “tubing-free” pump. This pump starts with a seating
nipple in the production tubing. The bottom-hole assembly (BHA) is
attached to small-diameter coiled tubing (can be run with stick tubing,
but the thread boxes can be a problem) and run into the production tub-
ing. The pump is then dropped into the BHA and matches up with ports
in the BHA that allow reservoir fluid to come into the bottom of the
BHA, power fluid down the inner tubing, and spent power fluid along
with reservoir fluid is exhausted into the tubing/tubing annulus. This
configuration leaves the production tubing/casing annulus open for gas
flow. There are pumps that use a dual tubing string instead of a concen-
tric string, but they work the same way.

Fig. 3.39 shows a high-pressure wellhead for a tubing-free jet pump.
With this configuration, by repositioning three valves, the power fluid
can be used to push the downhole pump to the surface where the upper
master valve can be shut to catch the pump when it arrives.

Jet pumps are in the family of “thermocompressors” and they are
classed as “eductors” because they are designed for a liquid to pump a
liquid (all flow is incompressible at all velocities). Fig. 3.40 shows the
pressure and velocity traverse through the pump. In the prenozzle, the
cross-sectional area is decreasing, which requires velocity to increase as a
squared function while pressure drops as a linear function. Inside the
nozzle, the velocity gets high enough to for dynamic pressure to be a sig-
nificant portion of total pressure and the static pressure drops rapidly
while the velocity increases rapidly. When the fluids enter the “throat,”
the power fluid is moving very quickly and the reservoir fluid is much
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Figure 3.40 Jet pump pressure traverse.

slower. Where the two fluids touch, a “no-flow boundary” is created
where the reservoir fluid that touches the jet stream must be accelerated
to the speed of the jet (at the same time the inertia of the reservoir
fluid tries to slow the jet stream, but there is considerably more power
fluid than reservoir fluid). As the combined fluid enters the diffuser it is
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all moving at about the same speed. In the diffuser things have slowed
and dynamic pressure is no longer a significant fraction of total pressure
and the velocity vs pressure relationship is back to velocity change being
a squared function.

If the density of the suction fluid decreases dramatically (e.g., the suc-
tion ports are blocked or the pump ingests a large slug of gas), the power
fluid will not slow adequately in the steam chamber and throat which
will increase the risk of cavitation in the throat (see Fig. 3.26 for a throat
that saw no-flow for less than an hour) due to power fluid flashing in the
steam chamber and condensing violently in the throat due to pressure
increase as velocity bleeds off. NPSH-r for eductor-based downhole jet
pumps are very dependent on nozzle and throat size, but it is rarely less
than 460 ft (122 m). Eductor-based jet pumps are not on my list of deli-
quification technologies.

The previous section was careful to limit the discussion to “eductor-
based” jet pumps. While many people have tried to drive an eductor-based
jet pump with gas over the years, the results have been universally poor.
Fig. 3.41 shows why. When gas exits an eductor nozzle the flow is choked
and limited to sonic velocity (1.0 Mach). A small change in the exit
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Figure 3.41 Ejector pressure traverse.
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characteristics of the nozzle can turn the nozzle into a divergent nozzle that
works far differently in compressible flow than we see with incompressible
flow. In an ESP volute, increasing cross-sectional area decreases velocity. If
you change the flow from “compressible” to “incompressible” increasing
cross-sectional area actually increases velocity (the reasons are discussed in
Chapter 4: Surface Engineering Concepts). If you can get velocity higher
than about 1.3 Mach, then the density of the power fluid gets much closer
to the density of liquid and the momentum (i.e., density times velocity) bal-
ance becomes much more favorable since the density of a gas increases rap-
idly as velocity increases above 0.6 Mach and the power fluid can dominate
the interaction at the no-flow boundary. An ejector-based jet pump would
have a O NPSH-r because there is no point in the process where the gas is
going to change phases. There is a patent on this technique, but no com-
mercial products at this time.

3.5.3.9 Gas lift

In producing oil, you hope that the tubing is completely full of oil. For
an oftshore platform in 1000 ft (305 m) of water with 12,000 ft (3700 m)
of hole and 0.7 SG oil, that would be nearly 4000 psi (28 MPa) of hydro-
static head on the formation. There comes a time in reservoir develop-
ment that the reservoir pressure is inadequate overcome that pressure.
One technique to reduce the required pressure is to inject gas into the
tubing to both add the potential energy of the gas and to replace part of
the high-density liquid with low-density gas to lower the backpressure on
the formation. Since gas dissolved in the liquid has a lower impact on the
process than gas bubbles, you want to inject gas at a number of points in
the tubing string to maximize the impact. This technique is called “gas
lift” and in artificial lift it is typically done with a packer to isolate the
tubing/casing annulus from the reservoir and “gas-lift mandrels” at care-
fully designed locations in the tubing. Gas-lift valves are put into the
mandrels to allow gas-lift gas to move from the annulus into the tubing.
An inventory of high-pressure gas is maintained in the annulus to supply
the gas-lift valves.

Gas lift has been a staple of artificial lift offshore for decades. This is
easy to understand since space is very limited on production platforms
and with gas lift the bulky compression equipment can serve multiple
wells minimizing the artificial lift footprint. Further, when gas production
from the formation is low, flow interference between gas-lift gas and
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reservoir gas is minimal and you can get the benefit of lightening the col-
umn without too much fluid friction in the flow.

Gas lift has been so successful in artificial lift that it simply had to be
brought to gas fields. The first issue is that energy requirements are about
fivefold higher for gas lift than for a mechanical pump. Next, the mini-
mum BHP achievable is very high. Finally, when you have to flow both
reservoir gas and gas-lift gas in the tubing, the fluid friction can be very
high, and small changes in reservoir flow can cause significant increases in
BHP. Gas lift with a packer has shown that it can be effective in gas wells
down to about 300 psig (2068 kPag) flowing BHP, so if a reservoir needs
BHP about half of average reservoir pressure then gas lift is a reasonable
tool to lower reservoir pressure to something like 600 psig (4137 kPag).
Eftorts to lower BHP further have been largely unsuccessful.

One variant that eventually gets tried in every gas field (always unsuc-
cessfully, once the criteria for success is clearly laid out) is known collo-
quially as “Po” Boy Gas Lift.” This process involves injecting gas (without
packer or gas-lift valves) down the tubing/casing annulus and hoping that
the gas will carry the liquids up the tubing instead of simply going into
the formation. Wishful thinking is rarely a sound foundation for engi-
neering decisions. I was once asked to review a Po” Boy gas-lift operation.
The well was producing 800 MSCF/day (23 kSCm/day) of net gas over
injection and 3 bbl/day (477 L/day) of water. I recommended turning the
gas-lift supply oft for 30 days and then turning it back on. The well
immediately went to 1200 MSCF/day (34 kSCm/day) and 8 bbl/day
(1270 L/day) of water, and was inclining. By the end of the 30 days the
well was making 1350 MSCF/day (37 kSCM/day) and still making about
8 bbl/day (1270 L/day) of water. We turned the gas lift back on and the
rate immediately dropped to 700 MSCF/day (19.8 kSCm/day) and the
water rate dropped to zero. The advocate for Po’ Boy Gas Lift said “See,
it works.” I have never known what his criteria for success was, but when
he (voluntarily) left the company the following month I turned off the
compressor and transferred it elsewhere. The rate immediately returned
to the off-lift value and it was 3 years before natural decline took the well
back to 800 MSCEF/day (23 kSCm/day) again. I have had similar experi-
ences with both production increasing after turning Po’ Boy Gas Lift off
and seemingly unshakeable support of the concept from its advocates in a
half dozen fields around the world.

There is a technique generally called “continuous gas lift” which looks
very much like Po’ Boy Gas Lift, but it has one very important
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difference—it starts with an extended shut-in. When a gas well is shut-in
the gas will bubble through the liquid column in both the tubing and the
casing. Over time, gas will displace all of the liquid and the well-bore will
be gas-filled. At that point (when tubing and casing pressure are equalized
from below), injecting gas down the annulus with the tubing open can
keep the liquid from overpowering the ability of the gas to lift it (i.e., an
unloaded well will tend to stay unloaded as long as flow up the tubing
is above the critical velocity, but a partially loaded well will tend to
continue to load up at velocities near critical).

While gas lift is arguably the worst technique applied to deliquification
of low-pressure wells (worse than intermitting and venting because you
have to spend a lot of money to achieve the same results that those tech-
niques provide for free), there is one variant that seems to have merit as a
low-pressure deliquification technique. This subset is called “chamber
lift.” In that variant, a standing valve is set in the bottom of the tubing
and a concentric tubing string is run inside the tubing. With chamber
lift, periodically a burst of high-pressure gas is blown down the tubing/
tubing annulus to shut the standing valve and blow any accumulated
water up the inner tubing. The biggest problem with this technique is
inducing the reservoir liquids to accumulate in the tubing instead of
the casing. One technique that has aided the accumulation of liquid in
the tubing is to install an ejector to pull on the tubing using the same
gas source that is used to blow the liquid. This process is described in a
case study under thermocompressors in Chapter 8, Gas Compression.
Pulling the tubing to 6—8 psi (41—55 kPa) lower than flowing casing
pressure seems to be adequate to remove up to about 20 bbl/MMSCF
(0.11 m>/kSCm).

3.5.4 Evolving requirements

Technology evolves in this industry like any other. When 1 started in this
industry in 1980, CBM and shale gas/oil were known, but we didn’t
know how to economically produce them. As that knowledge has grown,
the requirements for deliquification equipment have evolved.

3.5.4.1 Horizontal wells

All sorts of pumps perform best when presented with continuous-phase
liquid. As the amount of gas that enters the pump increases, the effective-
ness and longevity of a pump deteriorates. The lateral section of a hori-
zontal well (Fig. 3.42) has much more in common with a pipeline
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Figure 3.42 Multiphase flow in horizontal well.

or gathering system than it does with the concepts of flow in a vertical
conduit presented in this chapter.

One important consideration that will be presented in Chapter 4,
Surface Engineering Concepts (Section 4.2.2) is Eq. (4.6) (repeated here
without development as Eq. (3.19)) which shows the flow rate required
for a horizontal pipe to run full of liquid. For a 5-in (127 mm) ID liner
in the lateral, this empirical equation shows that 20,000 bbl/day
(3100 m’/day) would be required to keep the liner full of liquid from
wall to wall. Values less than this result in gaps in the liquid filled with
gas. These gaps are generally called “slugs” (i.e., “gas slugs” and “liquid
slugs”) and represent the primary challenge to producing horizontal wells.

Tmin gpm = 10.2- ID25

inches

(3.19)

Several researchers have begun to address the problem of minimizing
the impact of slugging on pump operation. One system that seems to have
a high probability of successfully making the transition from horizontal
flow to vertical flow is the patent pending HEAL system from Production
Plus Energy Services, Inc. This system (Fig. 3.43) has four major sections:
1. The “HEAL Seal” isolates the lateral from the build section in the

well and provides a conduit out of the isolated section.

2. The “Sized Regulating String” provides a conduit with a varying
inside diameter that tends to homogenize the flow with minimal pres-
sure drop (much like the “flow conditioners” used to homogenize the
flow in front of square-edged orifice measurement, see Chapter 5:
Well-Site Equipment).

3. The “HEAL Vortex Separator” employs centrifugal force to separate
the gas from the solids and liquids. The gas exits the separator and
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Figure 3.43 Heal system flow path (HEAL). Source: http://pdnplus.com/heal-system/.

rises in the tubing/casing annulus. The combined liquid/solid mixture

is directed downward where another direction change tends to release

the solids to fall to the Seal while sending the liquid upward.

4. Interface to vertical flow takes the liquid (now mostly degassed and
solids-free) into some sort of deliquification equipment ranging from
plungers to SRP to PCP to ESP to gas lift.

The HEAL Vortex Separator can be thought of as analogous to the
perforations in a vertical well—it creates a transition from the very com-
plex flow within the reservoir into the somewhat less complex wellbore
flow. This system has been used in both high-pressure and low-pressure
well-bores and in both cases, this “pseudo perforations” approach has
converted complex multiphase flow into a more homogenized flow that
is more conducive to deliquification approaches.

Another issue with horizontal wells is the transition from vertical to
horizontal. That bend defines the longest tool that can be run to the toe
of the casing. Pumps with electric motor drives tend to be too long to
make the turn in most wells. Top-drive pumps will tend to wear on the
tubing with the drive-rods and can break the rods and/or wear an actual
hole in the tubing. So far options to pump from the horizontal section
have met with very limited success both because of access to the lateral
and ignoring the chaotic nature of the flow in the horizontal.
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Many operators are putting pumps in vertical pipe above the dogleg
and hoping for the best—wishful thinking is rarely completely effective.
This decision makes pump selection even more critical than usual. If you
want to install a jet pump 50 ft (15.24 m) above the lateral height, and
the pump requires 600 ft (183 m) of NPSH-r, then the lowest pressure
you can safely take the BHP to 1s 381 psig (2630 kPag) with zero pressure
on the wellhead. If the reservoir wants BHP to be half of average reser-
voir pressure, then the minimum abandonment pressure is 760 psig
(5240 kPag). In a CBM well this abandonment pressure could easily leave
75% of the OGIP behind at abandonment. Changing technology to a
linear SRP changes the pump NPSH-r to zero, so for the same pump set
depth the minimum abandonment pressure drops to 43 psig (297 kPag)
and abandoned OGIP can go as low as 15%.

Single lateral. A considerable amount of work is being done to deliqui-
ty single lateral horizontal wells with marginal success. The HEAL system
has been able to improve that success by effectively moving the reservoir
access to the vertical section (via the “pseudo perforations” mentioned
earlier). With that innovation, Fig. 3.44 shows that achievable flowing
BHP for various deliquification technologies. Without the HEAL system
determining the achievable flowing BHP has been largely hit and miss.
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Figure 3.44 Achievable pump suction pressure with HEAL (HEAL). Source: http://
pdnplus.com/heal-system/.
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Multilateral. As drilling technology continues to improve, wells are
starting to be designed with multiple laterals in a single zone and even
multiple zones in the same well. These highly complex drilling wells
introduce a whole new level of complexity for operators. A “simple”
multilateral well would be exceedingly difficult to ever pump and today’s
technology is simply not up to the task. The looks I've had at emerging
technologies don’t hold out much hope that multilateral deliquification
will ever be viable (beyond using evaporation where the water volume is
appropriate).

3.5.4.2 Interconnected series of wells

One technique that seems to be getting very popular is to drill a single
vertical well and then drill multiple horizontal wells (all with down-
dipping lateral to drain liquids toward the vertical well) that intersect the
vertical well. The two major approaches so far are: (1) gas production
from the horizontal well-bores with liquid production from the vertical
well; and (2) all production from the vertical well (to minimize the num-
ber of sites with equipment and operator traftic). This approach seems to
be the flavor of the day in 2016, but there is not much data on overall
effectiveness.

3.5.4.3 Slim-hole wells

An idea from the 1980s that simply will not die is “slim-hole wells.” In
this process, you attach the drill bit to pipe that will become your casing
and drill to total depth (TD), then abandon the bit in place and cement
the “drill pipe” in place. This has been done with 2-3/8 (up to about 3-
1/2) tubing-as-casing. The thinking is that these wells are typically drilled
without ever tripping pipe, and you save so much money on drilling that
you can afford to drill a lot of them.

If (when) the well begins liquid loading you plug the slim hole and if
late-life economics justify drilling a well that can be pumped (rare) then
you redrill the well. The only technique that has any potential for deli-
quifying a slim-hole is compression and (possibly) evaporation (see
Fig. 3.2), but even plungers have a problem since there is no well-bore
gas storage to help drive the plunger.

A potential client asked me a few years ago to provide a deliquifica-
tion solution for 6000 slim-hole wells with 2-7/8 casing that were all lig-
uid loading. After a month of talking to manufacturers and various
inventors of my acquaintance I had to tell the potential client that I
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couldn’t take their work because there is no answer and they would have
to run the economics to decide if they could afford field-wide compres-
sion (they couldn’t), redrill the wells, or plug them. Four years later the
field is largely shut in and they are still shopping for a solution.

3.5.4.4 Multiwell pads

Rather than creating problems like most of the evolving requirements,
multiwell pads create some unique opportunities. The biggest advantage
to the facilities engineer is economies of scale in power generation.
Where it is rarely economic to install a genset for a single well, when one
unit can provide power for 10 wells, the economics can change dramati-
cally. To a large extent this is due to economies of scale. For example, the
cost of the structural portion of the genset skid costs about the same to
engineer and build for 25 kW as for 75 kW, and not a lot less than the
skid for a 300 kW unit. If for example there are 10 wells, each with
a need for 25 kW, then a pair of 300 kW skids can supply all 10 (with
100% backup) for about the cost of 8 of the 25 kW units (that would not
have any backup at all). The same discussion holds true for compression,
vapor recovery, and produced water handling/disposal.

One risk is that people will start thinking of a multiwell pad like an
offshore platform, and implement gas lift because “you only need one
compressor for all 10 wells.” Fig. 3.45 is an example of this thinking. Gas
lift (with packers and mandrels) was installed on all the wells during the
initial completion. The gas-lift system had to buy gas from the gathering
system to supply the wells, and sales back to the gathering system were
significantly less than purchased gas (i.e., pipeline gas not used for

Figure 3.45 Multiwell pad.
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compressor fuel was going into “storage” in the gas-lift wells). This sys-
tem operated for 4 months before sense broke out and the compressor
was converted to suction (the wells did not need deliquification at all) and
the wells started selling gas.

Multiwell pads are a facilities-opportunity, but you cannot forget that
every well is going to have a personality, and most of them are unpleasant.
Try to fight the urge of trying to find a single solution that is required to
fit all wells. The best multiwell operation I ever saw had two linear rod
pumps, two PCP, and three flowing wells that were all making pretty
much all the gas those wells were going to make.

3.5.4.5 Emerging technologies

Research directions seem to be toward adapting gas-compression equip-
ment to moving liquid. This requires liquid quantities to be fairly low
(5—200 bbl/day (0.8—32 m>/day). Different technologies have different
ideas on how to manage the pump discharge pressure. So far most of the
proposed technologies are limited in depth to less than 2500—5300 ft
(760—1600 m), but everyone is working to extend this.

There is some work going on to adapt jet pumps to gaseous power
fluid, but there is considerable inertia in the industry saying “we tried
that and it didn’t work.” That phrase has been death to more good ideas
than any other.

Hydraulic fluid used to drive a downhole hydraulic motor connected
to a downhole pump has been tried many times with varying success.
Most of these products have had limited success at shallow depths, but
quickly reached saturation of the market where the technology would
work and tried to push their limits without redesign, almost always
unsuccessfully.

Two problems that have showed up repeatedly in field trials of hydrau-
lic pumps have been the compressibility of the hydraulic fluid and the
reliability of the switching valve. When you use dual hydraulic strings,
one string is pressurized while the other is depressurized. The compress-
ibility of hydraulic fluid is low, but not zero and it can take 50 gallons
(190 L) of fluid to compress the line and start building pressure. Keeping
enough inventory of fluid on location to allow this quantity of makeup
starts being a liability for some of the toxic (and expensive) hydraulic oils.
The other issue is the switching valve. This valve is the highest mainte-
nance item on any hydraulic system. When the valve is downhole, you
have to pull the pump to fix it and it can take months to get on a rig
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Figure 3.46 Self-reciprocating pump (Cormorant Engineering).

schedule in some fields. When the valve is on the surface, maintenance is
easier, but the makeup volume can be higher.

Cormorant Engineering from New Waverly, TX, has started market-
ing a downhole hydraulic pump (Fig. 3.46) that seems to address the
worst of these problems. The pump uses produced water for hydraulic
fluid, so they don’t have to depressurize the system to reverse the pump
stroke (since the LP side can be exhausted to the produced water stream).
This pump has a single power fluid line (inner tubing on a concentric
tubing—tubing string), and the low-pressure side of the pump exhausts
into the tubing/tubing annulus along with the new produced water. The
switching valve is operated by a mechanical rod in the pump at either end
of travel. If the operator needs to check the condition of the pump it can
be floated to the surface using wellhead valving and the power fluid
pump without the need for a rig or even a slick-line unit. The manufac-
turer claims the pump will produce up to 100 bbl/day (16 m’/day) from
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Table 3.5 Deliquification technology summary

Typical NPSH-r (ft) Failure Method
capacity
(bbl/day)
Velocity strings <100 0 Well capacity falls below critical
Tubing flow <100 0 Well capacity falls below critical
controller
Plungers <10 0 Reservoir pressure falls below
required
Surfactants <10 0 Soap fails to activate
Intermitting <5 0 Time required for the shut-in gets
too long
Vent cycles <1 0 Time required for the shut-in gets
too long
Surface <3 0 Water rate too high
compression
Evaporation <20 0 Formation scale
Pump-jack 20—10,000 75—100  Gas lock
SRP
Linear SRP 0—300 0 Rod/tubing wear
pPCP 4—-2000 60—100  Heat of compression
ESP 70—20,000 150—2000 Cavitation (NPSH-r is proportional

to flow rate)
Downbhole jet  10—200 450—1000 Cavitation (NPSH-r proportional to

pump the combination of suction and
power liquid flow rate)
Gas lift 1000+ 200—500 Fall below critical rate

depths up to 14,000 ft (4270 m). At the speed that this pump runs,
it should be able to handle considerable ingested gas and the NPSH-r
should be similar to a linear SRP. The engineering looks sound, and the
concept is intriguing, but they hit the market during a downturn and
haven’t installed very many of the pumps yet. An interesting idea, with a
lot of potential, but many interesting ideas with high potential have failed
to live up to their potential in real use, the usefulness of this pump, like
any other technology, will reveal itself over time.

3.5.5 Deliquification conclusion

Deliquification is different from artificial lift. It requires difterent:

* Tools (gas wells want more attention)

*  Mind set (e.g., pipeline operation is a tool of production, and pigging
is not a “necessary evil,” it is critical)

* Staffing levels (more stuff to do takes more folks).
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No technology is set-and-forget. Be prepared for any given technol-
ogy to work or fail to work in any given well regardless of its perfor-
mance in the last (or next) well. Expect to spend considerable field and
engineering effort to “get it right” only to find that at next week’s pres-
sure regime it no longer works. The technologies and processes we’ve
discussed in this section have been given in Table 3.5.

The only “silver bullet” for deliquification is great data, appropriate
staffing, and a flexible approach.

REFERENCES

Atkinson, C.H., Ward, D.C., & Lemon, R.E (1969). Gasbuggy Reservoir Evaluation—1969
Report. https://inis.1aea.org/search/search.aspx?orig_q = RN:36010815

Bradley, H. B., & Gipson, E W. (1987). Petroleum Engineering Handbook. Richardson,
TX: Society of Petroleum Engineers.

Coleman, S.B., Clay, H.B., McCurdy, D.G., & Norris, III, H.L. (1991). A New Look at
Predicting Gas-Well Load-Up. Journal of Petroleum Technology (also published as
SPE 20280).

Cormorant Engineering. http://www.cormorant.us.com/srp.htm (accessed September,
21, 2016).

EIA. “Annual Energy Outlook 2008”, DOE/EIA-0383 (2008). https://www.eia.gov/
outlooks/archive/ac008/index.html.

Fetkovich, M.J. “The Isochronal Testing of Oil Wells,” paper SPE 4529 presented at the
1973 SPE Annual Meeting, Las Vegas, Nevada, 30 September—3 October.

GPSA. Engineering Data Book, twelfth edition, Gas Processors Association, 2004.

HEAL. Production Plus Energy Services, Inc. Retrieved from http://pdnplus.com/heal-
system/. February 23, 2017.

Lea, J. E, Nickens, H. V., & Wells, M. R. (2008). Gas Well Deliquification. Amsterdam:
Gulf Professional Pub./Elsevier.

Li, M., Li, S.L, & Sun, L.T. “New View on Continuous-Removal Liquids From Gas
Wells”, SPE75455, 2001 SPE Permian Basin Oil and Gas Recovery Conference,
Midland, TX, 15—16 May 2001, Revised paper submitted to SPE for peer review,
re-published 3 December 2001.

McKetta, J.J. & Wehe, A.H. Hydrocarbon Processing, August, 1958.

Simpson 1. “Producing Coalbed Methane at High Rates at Low Pressures”, SPE 84509,
David Simpson, Mike Kutas, SPE Annual Technical Conference and Exhibition,
Denver, CO, 5—8 October 2003, Journal of Petroleum Technology.

Simpson 2. “Low-Pressure Gas Well Deliquification Requires Different Approaches”,
February 27, 2006, Oil & Gas Journal.

Turner, R.G., Hubbard, M.G. &, & Dukler, A.E. (1969). Analysis and Prediction of
Minimum Flow Rate for the Continuous Removal of Liquids from Gas Wells.
Journal of Petroleum Technology.

Vogel, J. V. (1968). Inflow Performance Relationships for Solution-Gas Drive Wells.
Journal of Petroleum Technology 20 (1): 83—92. SPE 1476-PA. http://dx.doi.org/
10.2118/1476-PA.

Weatherford Wellpilot® FCT System. http://www.weatherford.com/doc/wit255784
(accessed September 12, 2016).

Webster (n.d.). Retrieved April 21, 2016, from http://www.merriam-webster.com/dictionary/
biogenic (other dictionary references replace “biogenic” with the referenced term).


https://inis.iaea.org/search/search.aspx?orig_q=RN:36010815
https://inis.iaea.org/search/search.aspx?orig_q=RN:36010815
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref1
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref1
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref2
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref2
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref2
http://www.cormorant.us.com/srp.htm
https://www.eia.gov/outlooks/archive/aeo08/index.html
https://www.eia.gov/outlooks/archive/aeo08/index.html
http://pdnplus.com/heal-system/
http://pdnplus.com/heal-system/
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref3
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref3
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref4
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref4
http://refhub.elsevier.com/B978-0-12-813022-3.00003-1/sbref4
http://dx.doi.org/10.2118/1476-PA
http://dx.doi.org/10.2118/1476-PA
http://www.weatherford.com/doc/wft255784
http://www.merriam-webster.com/dictionary/biogenic
http://www.merriam-webster.com/dictionary/biogenic

218

Practical Onshore Gas Field Engineering

NOMENCLATURE
Symbol Name fps Units Sl Units
b Langmuir shape factor 1/psi 1/kPa
c Cohesion psi kPa
/b Matrix shrinkage psi2 kPa?
G Flow constant (well specific) MSCF/day kSCm/
day
do Effective diameter. For flow inside a pipe itis  in mm
inside diameter, for annular flow it is
effective diameter
S Moody friction factor decimal decimal
g Gravitational constant 32.174 ft/s* 9.81 m/s”
g Unit converter 32174 f- N/A (for
Ibm/s*- now)
Ibf
h Height ft m
hisg Height of a liquid column ft m
hea Height (length) of a tubing string ft m
k Permeability mD mD
k Ratio of specific heats decimal decimal
ID Inside diameter in mm
n Nonlinearity term used to account for
deviations from semilog linear flow (1.0 for
everyone except reservoir engineers)
OD Outside diameter in mm
p Pressure psia kPaa
P Average reservoir pressure psia kPaa
q Gas flow rate MSCF/day kSCm/
day
Jopresy  Gas flow rate at a fixed time as a function of MSCF/day kSCm/
pressure day
Jomax) Gas flow rate at a fixed time at maximum MSCF/day kSCm/
differential pressure day
te Drainage radius of well ft m
T Well-bore radius ft m
SG Specific gravity none none
Skin Resistance to flow in a reservoir none none
T Temperature Rankine Kelvin
v Velocity ft/s m/s
Z Compressibility decimal decimal

(Continued)
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(Continued)

Symbol Name fps Units SI Units
B-ratio Ratio of orifice ID to Pipe ID decimal decimal
A Change none none

€ Efficiency decimal decimal
o} Original porosity decimal decimal
I3 Viscosity Ibm/ft/s mPa/s
p Density Ibm/ft’ kg/m’
o Interfacial tension dyne/cm  dyne/cm
Subscripts

avg Average

bh Bottom-hole

sg Casing (or tubing/casing annulus)

disch Condition at the discharge of a pump or compressor

gas Gas

lig Liquid

mud Drilling fluid

std Standard condition

suct Condition at the suction of a pump or compressor

thg Tubing

g EXERCISES

1. Using the CBM gas analysis from Chapter 0, Introduction, a gas is at

30 psig  (206.8 kPag) (assume atmospheric pressure 1is 12 psia
(82.7 kPaa)) and 60°F (15.6°C) and in contact with 10,000 mg/L
TDS produced water. If you raise the pressure to 250 psig (1724 kPag)
and 316°F (157.8°C) find:
The water content of the gas before and after the pressurization
The amount of solids that will drop off with this change in water-
vapor content
Adjust the gas analysis for water in both cases
The lease operator opens both the tubing and casing on a CBM well
that is flowing 300 MSCF/day (8.5 kSCm/day) of gas and 10 bbl/
MMSCEF (0.0561 L/SCm) of water into 75 psig (517 kPag) and 125°F
(51.7°C) on the surface. The tubing line has a check valve that has a
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Table 3.6 Data for exercise 2

Casing Tubing
OD 5.51n (139.7 mm) 2.375 in (60.3 mm)
ID 4.670 in (118.6 m) 1.995 in (50.7 mm)
Length 6.500 ft (1981 m) 6,500 ft (1981 m)
Friction factor (f,,) 0.02 0.02

cracking pressure of 0.5 psid (3.4 kPad). Using the data from Table 3.6
estimate how much gas and water is flowing up the tubing.

Which of the following deliquification techniques require the most
energy input per bbl of liquid lifted

a. Jet pump

b. Gas lift

c. Electric submersible pump

d. Plunger

Turner’s critical flow equation does not include a liquid production
rate. Why not?

On a well that is flowing up the tubing with the casing open to the
reservoir, but not flowing, what are the two major components of the
difference between tubing pressure and casing pressure?

Which of the following conditions would maximize evaporation:

a. 30 psia (207 kPaa) and 80°F (26.7°C)

b. 45 psia (310 kPaa) and 105°F (40.6°C)

c. 100 psia (689 kPaa) and 120°F (48.9°C)

d. 200 psia (1379 kPaa) and 140°F (60.0°C)
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When we think of “surface engineering” we tend to include facilities at
the well-site, gas gathering, compressor stations, midstream pipelines, and
plants. Every one of these has fluid flow, fluid friction, corrosion, and a
need to purge air from lines and vessels. Pulling these concepts out of
each individual chapter allows a focus on what is important specifically to
those individual topics.

4.1 FLUID FRICTION

As a fluid moves from one place to another, it interacts with its
environment and with itself. These interactions are characterized by colli-
sions and shear forces. Each collision and each shear event convert energy
from kinetic to thermal. This nonreversible energy conversion is funda-
mentally an “energy loss” to the flowing stream and is called “fluid fric-
tion.” Fluid flow with friction is called “viscous flow,” meaning that the
viscosity of the fluid is nonzero (in some fields the term “viscous flow” is
limited “creep flow,” “laminar flow,” and other low Reynolds number
flows, but these limitations are far from universal and in general terms
“viscous flow” meaning is as given earlier).

4.1.1 Viscosity

Viscosity is a measure of the ability of a fluid to resist shear forces. Dynamic
(or absolute) viscosity is an expression of a fluid’s ability to resist shear flows.
Kinematic viscosity can be thought of as resistance to fluid momentum.

4.1.1.1 Dynamic viscosity (p)

Dynamic viscosity can be determined via an apparatus that has concentric
tubes whose annular space can be filled with the fluid under test. One of
the tubes is rotated and the amount of force that it takes to rotate at a
fixed angular velocity is proportional to the dynamic viscosity. It can also
be predicted through an equation of state or one of many empirical rela-
tionships. The various methods can vary by more than 20% one from the
next for the same fluid. None of the empirical methods provide results
that match field conditions when there is any acid gas in a gas stream, and
the equations of state methods are not a lot better for acid gases. With
the wide range of answers that you get from repeated lab measurement
and/or using various equations, it is generally best to pick a single
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Table 4.1 Relationship between viscosity units

Poise cP lbm/ft/s PaXs
poise 1 0.001 0.0672 0.1
cP 100 1 0.000672 0.001
Ibm/ft/s 14.88 1488 1 1.488
Pa Xs 10 1000 0.672 1

method and pretend that you believe it—repeatable results will not be
available for viscosity measurements.

The basic units of dynamic viscosity are Poise (poise), Centipoise (cP),
Ibm/ft/s, or PaXs. The relationship between various units is given in
Table 4.1.

Gas viscosity tends to be in the range of 0.01—0.02 cP (10 X 10~ ° to
20 X 107° Pa Xs) (air at 60°F (15.6°C) is usually reported as 0.0179 cP
(17.9 X 107° Pa X s)). Liquid viscosities tend to be much higher (water at
60°F (15.6°C) is usually reported as 1 cP (0.001 Pa X's)). Dynamic viscos-
ity is a strong function of temperature and a weak function of pressure.

4.1.1.2 Kinematic viscosity (v = u/p)

Kinematic viscosity is the ratio of dynamic viscosity and density is used in
some functions. The units are Stokes (St), centistokes (cSt), or in”/s (m?/s).
One St is equal to 1 cm?/s. One ¢St is equal to 1 mm?/s.

4.1.2 Reynolds number

We can use similitude (Chapter O: Introduction) to develop scalable mod-
els that are a very reasonable place to begin the process of developing a
general description of the impact of friction on a flowing stream. Starting
with Reynolds number (Eq. (4.1)):

_pvID
)

Re (4.1)
Observing that there are ranges of Reynolds numbers in which the

fluid behaves very differently from the other ranges provides some insights:

*  Re < 2000—flow is laminar (i.e., all flow is mostly in the same direc-
tion with very few perturbations).

* Re > 6000—Flow is turbulent (i.e., random, three-dimensional
motion is superimposed on the bulk flow direction).

* 2000 < Re < 6000—Flow is in transition and no conclusions can be
drawn.
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With Reynolds numbers providing a clear understanding of gross-
level flow regime, it is only required to find another parameter that clari-
fies how fluid acts in each flow regime to begin to affix numerical values
for fluid friction.

4.1.3 Absolute pipe roughness (g)

Boundary layer thickness (Chapter O: Introduction) has a definable rela-
tionship to the roughness of the pipe. Pipe roughness is reported in
(length-of-travel minus unit-length-of-pipe) <+ unit-length-of-pipe,
meaning that if you had a molecular-scale ant crawling one foot of the
length of a pipe, including the dips and valleys how far would he crawl?
The answer to that is a published factor determined by each pipe manu-
facturer (typically experimentally by backing into a roughness value that
matches the calculated pressure drop in a known flow rate to measured
values—a much superior approach to trying to actually measure the dips
and peaks). In general terms you would expect values to be in the neigh-
borhood of the values in Table 4.2, but these values should be confirmed
with manufacturer’ data.

Any given sample of pipe will have an absolute roughness that varies
by =20%—30% so the values in Table 4.2 need to be taken with a bit of
skepticism.

Absolute roughness has units of “length,” and that will not do for
similitude. To get to a nondimensional value called “relative roughness”
divide absolute roughness by pipe inside diameter (Eq. (4.2)). One of the
most common mistakes that people make in doing this simple calculation
is not using the same units for absolute roughness and pipe ID. If your
pipe diameter is in “mm,’ then you have to convert it to “m” before

Table 4.2 Pipe roughness table

Material Absolute pipe Absolute pipe
roughness (fps) roughness (SI)

Concrete pipe 4000 X 10™° ft 1220 X 10 °m

Commercial steel pipe 150 X 107° ft 46X 10 °m

Glass reinforced plastic 100X 107° ft 31X 10 °m

(GRP or fiberglass)
HDPE 50 X107 °ft 15X10 °m
Fiber reinforced plastic 50 X10°° ft 15X 10 °m

(FRP or spoolable composite)
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comparing it to the absolute roughness. This may be obvious, but there
are too many examples where this was done improperly on systems that
did not work as designed.
€
IDpipc
Ife_D =50 X 107 ft then you are outside the useful range
and should fix e_Dat 50 X 107° ft

e_D=
(4.2)

4.1.4 Friction factor

Empirical equations (such as Eq. (3.10)) for flow will have a parameter
called a “friction factor”” These factors are nondimensional and a given
flow will have the same factor in either fps or SI units. The most widely
accepted relationship between Reynolds number and relative pipe rough-
ness in the turbulent flow regime is called the “Colebrook equation”
(Eq. (4.3)). This equation obviously requires an iterative solution since
the Moody friction factor is on both sides of the equation. Eq. (4.4) is
Poiseuille’s law or the “Hagen—Poiseuille equation” and applies to
smooth pipe flow (i.e., at low Reynolds numbers the pipe roughness
becomes immaterial). Eq. (4.5) is Churchill’s 1973 noniterative approxi-
mation of the Colebrook equation (Churchill revised this equation in
1977 with considerable added complexity which results in values that are
very close to the 1973 equation) which provides very reasonable values as
long as you honor the limits shown in the equation statement.

1 _ -2-1 e_D " 2.51 43)
Fn 0\37 T Re T :
64
Jn = Re for Reynolds numbers = 2000 (4.4
e
1.325 g B B
m = or < Re< an <c D=
Y s D _ 574 5 for 6000 =Re=10"and 50 X 10 *=e_D=10 ~
(In(52+25))

(4.5)

If you have “smooth pipe flow” by the description in Eq. (4.2) then
you set £_D to 50 X 10~° which corresponds to the last €_D line that
crosses the fully turbulent line on Fig. 4.1.
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Figure 4.1 Moody friction factors.

Fig. 4.1 is usually presented as log—log scales, but I find that a loga-
rithmic y-axis creates more confusion with interpolation than it provides
in improved visibility.

Friction factors from Fig. 4.1 are used in various equations that use
assumed flow rates to estimate a pressure drop, estimate a flow rate from
measured pressure drop, or predict a flow rate from assumed pressure
drop. For the last two uses, velocity is not known at the start of the calcu-
lation so the flow equation must be iterated. You guess a Reynolds num-
ber, solve for a friction factor, calculate a flow rate, calculate a new
Reynolds number with the new velocity, use that value to calculate a
new friction factor, and then repeat until the change from one step to the
next is acceptably small.

4.1.4.1 Moody (D’Arcy) friction factor

The friction factor is a dimensionless parameter that can either be calcu-
lated using something like Eqs. (4.3)—(4.5), or extracted from a version
of Fig. 4.1.

4.1.4.2 Fanning friction factor
As researchers started moving the study of fluid flow in pipes from strictly
liquid flows to gas flows, the Moody friction factors appeared to be a bit
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coarse. John Thomas Fanning (1896) looked at the stresses in gas flows
and found that:

_
=y

Many equations developed for gas flow are designed to use the

(4.6)

Fanning friction factor. Authors are not always clear as to which friction

factor to use. A rule of thumb that might be useful is:

* f. = Moody friction factor

* f4 = Moody friction factor (the subscript “d” refers to D’Arcy’s work
which predated Moody’s work)

* ff — Fanning friction factor

* f — Assume Moody friction factor for liquids and Fanning friction
factor for gases. This can be very problematical since some researchers
are too clever for their own good and roll the ¥4 factor into a constant
and use f without a subscript, but if you use Fanning you’ll fail to
match field conditions by a factor of 4. My approach in this case is
that if you find an author that is too lazy to differentiate then you
should look for another source.

4.1.4.3 Average pressure

In Eq. (4.1) we need to calculate density, viscosity, and velocity. For
liquids, viscosity is a function of pressure and temperature. For gases, den-
sity, viscosity, and velocity are all strong functions of pressure. While we
can assume that a flowing pipeline is isothermal, it is anything but iso-
baric; so what pressure do you use to calculate these important para-
meters? Choices seem to be upstream, downstream, or average. Average
seems to make the most sense, but is it a simple average or is it somehow
weighted? Analysis of pressure drop in a pipeline is an important field of
study, and researchers have shown that the pressure drop per unit length
is higher early in a pipeline than later in the line, so an average pressure
should be front-end weighted. We do this by:

p.=2.(p +p— L (4.7)
w3\ P+, '

If we compare this to a simple average (i.e., (P; + P»)/2) you can see
(Fig. 4.2) that for short lengths of pipe it simply doesn’t matter. In this
example, you don’t have a 5% error until over 50 miles (80.5 km).
Eq. (4.7) is simple enough that my approach is to always use it and elimi-
nate that (admittedly small) error from the body of the calculation. In the
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Figure 4.2 Comparison of average pressure methods (25 psi/mi pressure gradient).

big picture it rarely makes a material difference, but I always wonder “is
this the scenario where I would reach a different decision if I used the
right value?” You can avoid that particular nagging doubt by always using
the front-end loaded average. People who think “every line in this project
is under 10 miles (16 km) so why bother?” are not wrong, and usually
reach the same decision that they would reach using the other equation.
There is nothing “wrong” with that thought process, as long as the
thought process actually takes place—many engineers have decided to use
a simple average and have erased the possibility of an alternative method
from their minds, and approach a long line with the simple average which
results in density being low, velocity being high, and viscosity being low;
all by different amounts. For a gas, the end result is complex, but often
results in Reynolds number being low, which for modern pipe tends to
put you in a steeper portion of Fig. 4.1 and small changes in pressure can
give you a sharp increase in friction factor.

4.2 LIQUID FLOW

You might wonder why a book titled “Practical Onshore Gas Field
Engineering” would be interested in liquid flow. There really is no way to
get gas out of the ground without some amount of liquid. That liquid has
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to be pumped, piped, trucked, stored, sold, and/or disposed of, and facili-
ties engineers are accountable for all of these things.

4.2.1 D'Arcy—Weisbach equation

Julius Weisbach, working with Henry D’Arcy’s equations for flow
through a porous medium developed the equation generally known as
the Darcy—Weisbach equation (Henry D’Arcy’s name is regularly angli-
cized to “Darcy” today, publications during his life spelled it “D’Arcy”)
to describe flow through a closed conduit.

LDar[f Pliquid 72
e (i) (5 ()
arcy 3
:f . LDar[y . pliquid . qDarcyZ
m IDDmry 2 2. A}%ipe (48)

2 P dpDarcy : IDdarfy : A2

pipe
LDar()f ’ pliquid .ﬁﬂ

qdDarcy =

Eq. (4.8) is an empirical equation (even though it has none of the
usual telltales) (Wikipedia 1) and extreme care needs to be taken with
units. It is common in gas flow equations to specify the length in miles
(or km) and ID in inches (or mm), but the units in the L/ID term must
cancel so this equation uses ft (or m) for both. The volume flow rate is in
actual volume/second (rather than gallons, barrels, or SCF). Eq. (4.8) can
be used for gas flows where the total pressure drop is very small (on the
order of 1%—2% of upstream pressure), but at the end of the calculation
you must remember to convert to flow rate at standard conditions.

As we will see in gas flow equations, before computers there was a
real need to replace the friction factor in Eq. (4.8) with something that
could be calculated in a single step and several closed-form equations
were developed for liquid flow taking advantage of specific conditions in
a flow stream. None of these equations will provide results as good as
Darcy—Weisbach.

4.2.2 Full-pipe determination

In a fluid-statics problem, intermediate hills and valleys are irrelevant to
liquid pressure—the only thing that really matters is the height difference
between the “inlet” and the “outlet” This is the classic manometer
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problem discussed elsewhere in this book. A disruption in the continuity
of the liquid changes the relative heights of the two ends of the
manometer.

Flowing liquid has a component represented by this fluid-static prob-
lem. If a flowing line is completely full of liquid, then the discharge pres-
sure is a function of the “relative head” (i.e., the net height difference
between the position of the inlet and the position of the outlet plus the
pump discharge pressure minus friction losses) and intermediate heights
are irrelevant. The reason that this works is that the downhill side of a
hill will syphon the fluid moving uphill and the hydrostatic portion of the
total pressure at any elevation on the uphill part of the flow will equal the
pressure at the same elevation on the downhill part of the flow. This
works very much like the description of the plunger movement in an
SRP in Chapter 3, Well Dynamics—in a continuous-liquid pulling 1% of
a control volume from the flow will try to lower the pressure by the bulk
modulus (319,000 psia (2200 MPaa) for pure water) which of course is
impossible in a real flow so the uphill liquid is dragged by the downbhill
liquid falling.

It is rare for a liquid line to see terrain features as irrelevant. I can
point to a system in hilly country where the pipe outlet is 256 ft (78 m)
lower than the pump location. In a full system with minimal friction
losses, the line should be on a vacuum at the pump location. In real life,
the pump is having to supply 90 psig (621 kPag). Fig. 4.3 shows why this
is. As the inflow approaches the top of a hill, it hits a void space at the
top (the void is full of gas, either entrained gases that evolved out of the
liquid or phase-change gas that “boiled” in the low pressure created by

Height is function
of volume flow rate

7

Figure 4.3 Liquid flow in a pipe.
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the liquid falling away). This gas pocket has a very difterent bulk modulus
than the liquid and is quite able to expand and contract at will. This
means that the falling liquid, rather than dragging the rising liquid down
the hill, simply flows under the gas pocket without impacting the rising
liquid at all.

If a line is not running full, then you have to design your system with
adequate pumping horsepower to overcome fluid friction and to overtop
the sum of uphill runs in the system (not necessarily the highest elevation,
you need to be concerned about every continuous up-slope from the start
of rise to the end of rise, which may have a peak that is physically at a
lower height above sea level than the pump).

Engineers have observed that if the flow rate (in US gallons per min-
ute, sorry) is higher than Eq. (4.9) then the line will tend to run full with

any topography.
Gumin_gpm = 10.2-1D7

inches

(4.9)

This results in some fairly high fluid velocities in larger pipe. In lines
larger than 8-in (200 DN), the velocity gets high enough to be con-
cerned about erosion (see Section 4.4.1). The 8-in and smaller lines end
up with velocities that are workable (e.g., 2in results in a minimum
velocity of 5.8 ft/s (1.80 m/s) while the erosional velocity of pure water is
12.7 ft/s (3.9 m/s)) which is still higher than we normally see for liquid
flows in upstream Oil & Gas.

4.2.3 Pumping HP

The energy required to pump liquid is a function of how much stuft you
are pumping (mass flow rate) and how high you need it to go (differential
pressure across the pump).

dP- iqui 1
BHp = Jliid (—) (4.10)
Cpumpiﬂg n

Efficiency for a centrifugal pump tends to be around 0.60. Absent spe-
cific pump data from the manufacturer, 0.6 is a reasonable approximation.
Since motors for pumps tend to come in discrete sizes, most engineers
will take this calculation and round it up to the next available motor size
and then jump to next size above that. The price differential between
adjacent sizes of motor tends to be reasonably small and no one ever
wants their pump design to be the limiting factor in any operation.
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§ 4.3 GAS FLOW

The way that engineers and scientists deal with gas displays a dis-
tinctly split personality. On the one hand, density, viscosity, and velocity
all change with changes in pressure (a characteristic of a compressible fluid).
On the other hand, over short(ish) lengths of pipe the density, viscosity,
and velocity changes are reasonably small and if you treat them as constant
then you can discard many of the terms in Navier—Stokes equation
(Eq. (0.24)) and develop closed-form solutions to real-world problems
that allow you to reach defensible decisions (a characteristic of an incom-
pressible fluid).

We address this split personality by being especially careful to state
assumptions and to honor them. For example if an equation is only valid
above and to the right of the dashed fully turbulent line on Fig. 4.1, then
you need to check the Reynolds number and the relative roughness to
see if the data fits the equation you want to use.

Not all gas flow meets the definitions of incompressible flow (e.g., at
very high velocity, the dynamic pressure component of total pressure
increases far more than the static-pressure component decreases and total
pressure is no longer constant) and you have to use the less robust and
more limited compressible-flow equations.

4.3.1 Compressible flow

Compressible gas flow generally represents a flow that the downstream
density is less than 90% of the upstream density. For long lines, you can
break up the line into segments that each have a pressure drop that keeps
the change in density to under 10%, but you have to be serious about it.
An equation like the AGA fully turbulent equation (Section 4.3.3.1) does
not have any parameters that change much from segment to segment, so
breaking the line up into small segments results in the same answer as not
breaking the line into segments (i.e., the only component that changes
from one step to the next is the square root of a difference in squared
pressure, if one step is going from 1000 to 900 psia and the next step is
going from 900 to 810 psia, the impact is exactly 10% and the “calcu-
lated” flow rate over the two segments is the same as if you hadn’t seg-
mented the line). An equation like the Isothermal single-phase gas flow
equation (Section 4.3.1.4) requires you to recalculate the Reynolds
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number and friction factor for each step and provides valid results on a
segmented line.

Compressible flow is fairly rare in Oil & Gas, but it happens in several
specific situations. We see compressible flow for most of a pipeline or site
blowdown, and flow through regulators can get fast enough to provide
compressible flow.

4.3.1.1 Sonic velocity and choked flow
“Choked flow” is caused by a standing shock wave in the flow that inhi-
bits communication from downstream back to upstream that the down-
stream pressure has changed. High-velocity flow upstream of the shock
wave is referred to as “Fanno flow” (i.e., flow is adiabatic and isothermal
with viscous effects causing irreversible energy loss from the flowing
stream, Fig. 4.4). You can calculate a “Fanno friction factor,” but the field
data resists matching difterential pressure calculated using it.

R eal compressible flows tend to have a change in temperature with flow.
In some velocity ranges the flow will tend to heat up and in other velocity
ranges the flow will tend to cool. This phenomenon is evident in the
Joule—Thomson effect and is described by Rayleigh flow. Before the shock

1
09 I Subsonic isothermal compressible flow 0.3 Mach 0.6 Mach

l Supersonic isothermal compressible flow
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Figure 4.4 Fanno flow (methane, k= 1.28).
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wave the flow decently matches the Fanno flow model. After the shock
wave the flow more closely follows the frictionless Rayleigh flow model.

The shock wave that represents the transition from isothermal, viscous
flow to varying temperature frictionless flow happens whenever down-
stream pressure satisfies Eq. (4.11).

5\

This says that downstream pressure becomes irrelevant when it is less
than a multiple (which is only a function of gas composition) of upstream
pressure. Whenever Eq. (4.11) is satistied, flow will be “choked” to a
velocity of 1.0 Mach (i.e., the speed of sound). Sonic velocity is:

Vionic = \/ k" R T1 = [ k* "~ T) = 1.0 Mach (4.12)

“Mach number” is a dimensionless parameter that is actual velocity
divided by sonic velocity. Note in Eq. (4.12) that sonic velocity of (or in)
a gas is only a function of gas composition and temperature, not pressure

or density (the adiabatic constant actually does change measurably with
changes in pressure, but as a general rule the same value is used at all pres-
sures and a rigorous calculation will lead you to the same decision as you
get from this simplification).

Many textbooks classify choked flow as “constant mass flow rate” flow
which is anything but accurate, and has led to some very significant errors
in actual calculations. In choked flow “velocity” is constant, but mass
flow rate is made up of more than velocity (Eq. (4.13)).

m=qp=@-A)p (4.13)

Velocity and flow area are constant as long as the flow is choked, but

in many situations the density can change dramatically. If we are talking

about an airplane flying through the air, the bulk density of the atmo-

sphere is constant, and the mass flow rate over the wings can be thought

of as constant, but for something like a pipeline blowdown, we are

actively working to reduce upstream pressure and mass flow rate can
decrease several percentage points over a very short time.

4.3.1.2 Pipeline blowdown example
For a pipeline blowdown, there is not an easy way to determine how
long the event will take. The most effective method is to consider mass
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Table 4.3 Pipeline blowdown example

Elapsed Pstart Pcrit rho Myot mremaining
Minute (psia) (psia) (lbom/ft?) (Ibm/h) (Ibm)
0.5 1987.2 968.9 3.566 396,000 394,700
1.0 1975.1 909.1 3.325 364,200 391,400
1.5 1963.0 907.6 3.319 363,500 388,400
160.0 277.4 151.3 0.949 46,127 54,652
160.5 2755 150.3 0.942 45,809 54,267
161.0 273.7 149.3 0.935 44,494 53,886
326.0 26.8 14.64 0.048 4,378 5,088
326.5 26.6 14.53 0.048 4,347 5,051
327.0 26.5 14.50 0.048 4,315 5,015

flow rate constant for a time interval and calculate the mass removed from
the line during the interval, calculate a new remaining mass, new starting
pressure, new critical pressure, new density (which is based on critical
pressure, not upstream pressure), and new mass flow rate for the next
interval (Table 4.3).
Example conditions (flow rates used Eq. (4.32)):

* Gas:

Species: coalbed methane (CBM) gas

SG: 0.6315

k: 1.3016
* Flowing conditions

Initial pressure: 2000 psia (13.8 MPaa)

Temperature: 60°F (520 R (289K)) and constant
* Pipe parameters

Length: 5 miles (8.05 km)

ID: 20 in (500 DN)

Volume of pipe: 57.6 X 10° ft* (1630 m’)

Mass of gas in line: 476,500 Ibm (216,100 kg)

Volume of gas in line: 10.4 MMSCEF (295 kSCm)
*  Blowdown valve ID: 1.996 in (50.7 mm)
* Sonic velocity: 1357 ft/s (414 m/s)
* Time increment: 30 seconds

Note that the fluid velocity through the whole calculation was con-

stant, but mass flow rate decreased 98.7%. The line initially held
10.4 MMSCEF (295 kSCm), and at the end of choked flow it still holds
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0.105 MMSCEF (2.96 kSCm). As we continue to blow this line down, the
flow rates become progressively less predictable, and even at the point
where no gas is flowing out the vent, there is still gas in the line.
Increment size is an important decision. It is obvious that the mass
flow rate at the end of an increment will be less than the mass flow rate
at the beginning, but this analysis ignores that (hopefully slight) change.
The longer we apply an overstated flow rate, the worse the analysis will
be. For example:
* 30-minute increment — 270-minute blowdown time
* 15-minute increment — 300-minute blowdown time
* 10-minute increment — 310-minute blowdown time
* l-minute increment — 326-minute blowdown time
* 30-second increment — 327.0-minute blowdown time
* 10-second increment — 327.3-minute blowdown time
* l-second increment — 327.6-minute blowdown time
* 0.1-second increment — 327.7-minute blowdown time
The blowdown will run out of gas during the last increment, but not
necessarily at the beginning or end of the increment, using a small
enough step size that this is immaterial to the calculation is about as
small as you need to go. In this example, a 30-minute step size estimates
the blowdown time to the end of choked flow to be 4.5 hours, obvi-
ously too short. One minute increments make it 5.43 hours which is
certainly close enough to provide operator guidance during a blowdown
procedure. Using 0.1 second requires 166,920 steps and refines the num-
ber to 5.46 hours. Experience led me to pick 30 seconds as an incre-
ment that nearly always leads to acceptable results (but I always run the
MathCad program one more time with 1 second to see if it suggests a
different decision with finer data). If you are working in Excel, then
changing the increment is not very easy and is rarely done, when I have
to work in Excel I pick a 1-minute time interval and pretend that it
doesn’t matter much.

4.3.1.3 Dynamic pressure during compressible flow
Remember that for incompressible flow inside of a control volume with
no additions or removals of mass or heat:

o>
Protat = Pygasic + - + p-¢-h = constant (4.14)
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Figure 4.5 Velocity vs total pressure.

Once you can no longer consider total pressure as constant, you need
to shift to the compressible-flow calculations:

k- M?
Priotat = Pogaric | 1 + — + p-g-h # constant (4.15)

Combining Eq. (4.14) for flow less than 0.3 Mach, Eq. (4.15) for flow
greater than 0.6 Mach, and a linear interpolation to shift from one curve
to the other between 0.3 and 0.6 Mach, you get Fig. 4.5. You can see
from this graph that below 0.1 Mach, the flow is incompressible for any
purpose, and below 0.3 Mach it is incompressible for virtually any practi-
cal purpose. You can also see that above 0.6 Mach the deviation from
constant density becomes too great to ignore. Where you draw the com-
pressible/incompressible line is a matter for engineering judgment.

4.3.1.4 Compressible versus incompressible flow

The flow behavior differences between compressible and incompressible
flow are somewhat counterintuitive. We can all accept that in a divergent
nozzle during incompressible flow, as the cross-sectional area increases the
velocity has to decrease, it is just logical. Accepting that in compressible
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Table 4.4 Compressible vs incompressible flow

Incompressible Compressible
Density Dominated by static Dominated by dynamic
pressure pressure
Nearly constant with time  Changes rapidly and large
and position, step step changes are
changes don’t happen common
Viscosity Use static viscosity Viscosity nearly impossible
to determine
Inside pipe fluid Use Moody diagram No known reliable general
friction method to quantify
Divergent nozzle Pressure increases Pressure nearly constant
Temperature constant Temperature nearly
constant
Velocity decreases Velocity increases
Convergent nozzle Pressure decreases Pressure nearly constant
Temperature constant Temperature nearly
constant
Velocity increases Velocity decreases

flow the velocity is controlled by shock waves and a divergent nozzle
loosens the physical restrictions on the flow, actually increasing velocity at
constant pressure is a bit more difficult. Some of the differences are
highlighted in Table 4.4.

4.3.2 Isothermal single-phase incompressible gas flow

Virtually all real gas flows in Oil & Gas facilities can safely be approximated
as incompressible. People have real difficulty internalizing the concept of
“incompressible flow of a highly compressible fluid.” It just doesn’t make
logical sense to most of us. Hopefully the discussion in the last section
clears up that logical difficulty, if not then it is still required to memorize
that “virtually all real gas flows in Oil & Gas facilities can safely be approxi-
mated as incompressible” if you are going to work in this industry.

That being said, it is rare for Eq. (4.8) to provide an adequate repre-
sentation of the flow. Repeating that equation here for convenience:

2 B dPDarcy : IDDar{y 'AIZH’P(» (4 16)
LDarcy ’ pl{quid .ﬁ“

qDarcy =

Because of the derivation of Eq. (4.16) and its resulting actual volume
(rather than converting to some “standard”) it is only valid for gas in the
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portion of Fig. 4.5 marked “Bernoulli valid.” For the rest of the time the
relationship is a bit more complicated (Eq. (4.17))

0.5
2 _p2 .5
3877 (T 1 (P,,(p Pdm) D w17
Avscrd 1000 Py, 7 _/_[f SG- Lmiles ’ Tavg ’ Zavg .
The first term in Eq. (4.17) is intended to adjust units. This is an
empirical equation and I have been unable to find or develop a set of

units and conversion factors that allow it to be presented in SI.

Volume flow rate (q) is velocity times flow area. Velocity is a first-
order component of Reynolds number which is the determinant of
Fanning friction factor (f). The term \/W is called the “transmission
factor” and it is solved iteratively (i.e., guess a Reynolds number, calculate
a transmission factor, calculate a flow rate, repeat until the change in
Reynolds number is acceptably small from step to step).

The “efficiency (1))” term is a plug value. Clean, single-phase flow in
new steel pipe should get a value of 0.95. Clean, new plastic pipe should
get a value of 1.0. For evaluating lines for water, scale, or slime it is usual
to adjust efficiency until the measured dP matches the measured flow.

4.3.2.1 Assumptions in the derivation
This equation is only valid when all of the following are satisfied:
* Flow is steady state (dg/df~0)
* Flow is isothermal (T} ~ T5)
* Pipe size doesn’t change
* All flow is gas (no liquid carryover or condensation)
* No change in Kinetic energy (KE = 1/2'M'72)
* Change in density is not material (e.g., <10%)
* No fluid is added or removed between the upstream and downstream
pressure measurement points
*  No work is done on or by the flowing gas
Since it is quite rare in Oil & Gas facilities to have a line that is perfectly
free of liquid accumulation, people generally fudge “no liquid” assumption
with reasonable results. The problem with liquid in the lines is that the gas
will do work on the liquid and the pressure loss due to that work can only
be represented as “friction” or “efficiency.” Since multiphase friction fac-
tors are notoriously inaccurate, we put the loss into efficiency and this
number must be dropped precipitously (e.g., on one line, before pigging
the efficiency was 0.03, and after pigging it went up to 0.85).
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4.3.2.2 Useful restructures of isothermal gas flow equation

The basic equation is useful, but often you have a flow rate and either
upstream or downstream pressure and want to calculate the other pres-
sure. You can approximate compressibility by using the available pressure
and setting the other pressure to Puenown = Prnown = (15 psi/mi X
length)

70.5

[ 25.793 quscra\" [ Pad
— 2
P, = p2+<W o G L T Zg | (419

r 70.5

25.793quscra” (Pua
— 2
PZ = Pl - (W) T;d ]Jr‘ SG- Lmtl( Tﬂowmg avg (4-19)

4.3.2.3 Example of isothermal gas flow

An early life CBM well has a flow line running 8 miles (12.8 km) to a
compressor station (called a “home run” flow line, very common in oil
fields, quite rare in gas fields). Conditions:

* P,, —12psia (83 kPag)

* P,y —533 psig (3.67 MPag)

o Ppoosier— 493 psig (3.40 MPag)

« T,, —60°F (15.6°C)

* Pipe —2-in schedule 40 (ID =2.067 in (52.5 mm))

To determine the flow rate in these conditions:

2 PP,
Pue=- (P 4P —
3 P, + P,

(545 psia)(505 psia)
545 psia + 505 psia

2
=3 (545 psia + 505 psia — > = 525.25 psia

775 % 10-6 0™
MﬂVg f‘t S

Pm/gSG 525 lbf ( 144 in~ 1n )(O 6312) ' Ibm

Pos = R T Zg 53, 3551§t }{;;(52012)(0.924) R

14.73 bt Ibf (144 in? )(0 6312) Ibm

1n‘

53.355 1oL (520R)(0.998) o

Psta =
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B 505 lbf ( 144 i 1n )(0 6312) 1039 Ibm
P1= 53355 }{t }gf (G20R)(0921) o
453 1f (Lt °)(0.6312) B Ibm
P2 53355 B (520R)(0.926)
p, 1786

2 ="_""=921% Mustbe >90%

From Table 4.2 for commercial steel pipe (€ =150 X 10" °ft), and
guess that Reynolds number is 1 X 10° (an arbitrary value to the right of
the fully turbulent line):

150 X 10~ °f

e D= Ty 871X 107"
2.067 in- .
12-in
1.325 1.325

j;n = 2 = ’ 2
(o8] )
=0.0193 (identical to Colebrook to 5 decimal places)
w 0.0193

Jf —fz == = 0.00483

Now we can calculate a first-guess flow rate:

quscri = —— | ——==]0.95
1000 \14.73 0.00483 0.6312(8)(520)(0.924)
MSCF
day

Pad _ 47 MSCF (0.0484) (10007 [ day \ _ . - f¢
Gafd = qMSCFd —— e day 1.863 MCE 864005 ) s

m™ (ID\* _ /m\ (2.067\ )
Apipe = (—) —) = (—) = 1) =0.0233ft
4/ \12 4\ 12

fr
Qa(fd 0 1499 ft
=6.146—
Aype 0. 0233f2 S

=478 < Calculated flow rate, first guess

4’_
v =
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 Pag' 7 Dpipe (1.869“&#) (6.146%) (221 f)
e 7.75 % 10~ 61bm

fks

Re =2.55X%X10°

Now you have to verify the friction factor. This result can have one
of three outcomes:
* Both Reynolds number guess and calculated value are to the right of
the fully turbulent line in Fig. 4.1 — accept calculation
* Guess and calculation on opposite sides of fully turbulent line —
iterate
*  Guess and calculation both to the left of fully turbulent line — iterate
until Repepye is more than 90% of Reyfe.
In this case, the calculated value is on the wrong side of the fully turbu-
lent line, so you use the calculated Reynolds number in the next iteration.

1.325
= 2

1.475 X 1074 5.74
(hl( 57 G 105)“-"> )

_ 877 (520 [ 5452 — 5052 "
MSCE = 000 \14.73 ) 0.00505 | \0.6312(80)(520)(0.924)

= 0.00505

ENIIESN

5 MSCF
X (2.067)*° = 467
ay
MSCEF [0.0484\ (1000ft> day ft?
Qagt = 467 =0.1400 —
day \ 1.863 / \ MCF / \86400s s
L 01400 fi
0.023ft> s
(1:869%) (6.01%) (2457 1) _
Re= ‘ =2.496 X 10°

7.75 X 106 Lbm

ftxs
Same side of fully turbulent line
2.496 X 10° — 2.55 X 10°

ARe= = =2.22% Flow rate acceptable
2.496 X 10°

With this very small pipe, the difference between an outright guess of
friction factor and a friction factor calculated from field conditions was a
difference in flow rate of 2.2%. For larger pipes and/or larger flow rates
the difference can be considerably greater (Fig. 4.1).
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4.3.3 Closed-form equations

Eq. (4.17) was developed far before the era of digital computers and hand-
held calculators. Engineers using this equation were running the numbers
on slide rules. As someone who started doing engineering calculations prior
to the end of the slide-rule era, I can attest to doing iterative calculations on
a slide rule being a serious pain in the posterior. Consequently, researchers
searched for relationships to give them a meaningful, closed-form represen-
tation of friction that did not require iterating the transmission factor.
Several were developed, each with its own limitations.

4.3.3.1 AGA fully turbulent

If you take the section of Fig. 4.1 to the right of the fully turbulent line,
the relative roughness values tend to be acceptably close to horizontal.
Using this observation:

1_41 3.7
]5( Og10 c D
0.5
_ 3877 (T [, 4 3.7 P —P;3 D25
IISCE ™ 5000 \ Pag )T\ O8N\ D | J\SG Lot Ting Zng

(4.20)

You need to verify that the resulting velocity is in the fully turbu-
lent region of Fig. 4.1, and that all of the assumptions of Eq. (4.17)
are satisfied. Modern steel pipe has much lower absolute roughness
than historical pipe, and modern plastic and fiberglass pipes are several
orders of magnitudes smoother than the steel pipe used in the develop-
ment of Eq. (4.20). An honest look at the results of the AGA fully tur-
bulent equation shows that it is almost never applicable to flows in Oil
& Gas.

AGA also has a Partially Turbulent equation, but it contains f; so it
doesn’t have much to recommend it.

4.3.3.2 Weymouth
In 1912 it was postulated that:
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which makes Eq. (4.17):

0.5
433.5 Ty P —P; 2.667
= —— | = D~ 4.21
quscr 1000 (Psm’> 1 (SG : Lmile& : Tavg ' Zavg ( )

This equation adds two very important assumptions to the list from
Eq. (4.17):
* Pressure less than 130 psig (896 kPag)
e No CO, or H5S.

The limitation on acid gas stems from the way that they calculated vis-
cosity (which was invalid for acid gases) to develop their transmission
factor.

4.3.3.3 Panhandle A

In the 1940s the Panhandle Eastern Pipe Line Company postulated that
the transmission factor was a function of the flow rate over a narrow
range of flow rates:

1 -G\ 00736
\g =7.211 (%) where Q" is in SCF/day
fr

This results in Eq. (4.22):

sy = 2387 <T¢,d)1'°768n ( P} — P2 >°'5”21D2_6182
MSCFd — ~ -~ 5
1000 Py SGO.S 2 Linites” Tavg ’ Zm/g

(4.22)

This equation adds the assumptions:
« 5X10° <Re<1x10
* Pipe roughness is constant and high enough for the friction assump-
tions (cannot be used with plastic or fiberglass pipe).
This equation gives the best results when the efficiency is 0.9—0.92.
In 1956, the company published Panhandle B, but it has the same lim-
itations as Panhandle A and never really caught on.

4.3.3.4 Oliphant
As pressures drop below 45 psig (310 kPag) toward atmospheric pressure,
the incompressible assumption becomes more difficult to justify. One
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solution to the horrid complexities of the transition from incompressible
to compressible-flow calculations is to take field values back to reference
values to remove some of the complexity and narrow the field of view
down to deviations from known conditions.

IMSCE 1000 30 )\ Pus ) \520
o [(06) (520 (P2=P% > MSCEF
SG Tavg Lyies daY
Note the “30” in the “ID?/30” term is approximately 3.068” which is

the ID of 3-in (75 DN) schedule 40 pipe. That number is quite telling
and the farther you get from 3-in pipe, the less reliable this equation is

(4.23)

going to be. Eq. (4.23) uses all of the assumptions from Eq. (4.17) plus a
maximum pressure of 45 psia (300 kPaa).

4.3.3.5 Spitzglass

As the flow approaches a vacuum, the incompressible-flow assumption
becomes untenable and you have to use compressible-flow calculations.
The Spitzglass formula can be used to approximate flow in vacuum
conditions, it doesn’t do a great job, but engineers seem to have an
insatiable need to have an equation for everything. This formula is in
Eq. (4.24):

0.5

. 85,200 27.69- —(P;;P” "ID} . MSCF
MSCFd =
1000 SG- Lpfpf‘Ft ’ (1 + IDS,.,S,M +0.03- IDr'm/zes) day

(4.24)

This equation is limited to flows where at least one end of the pipe is
under vacuum.

4.3.3.6 Comparison of closed-form solutions

If I had to solve a real-world flow problem with a slide rule today,
I would likely evaluate the problem and try to find the closest to its
assumptions matching field conditions, failing this (since it is very rare to
find modern pipe that is anywhere near the fully turbulent region of
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Figure 4.6 Valid regions of Moody diagram for closed-form equations.

Fig. 4.1) T would likely use the AGA fully turbulent equation. With
access to a computer I never use any of the closed-form equations.

Fig. 4.6 shows where the AGA fully turbulent and Panhandle A equa-
tions are valid. To compare one equation to another, look at Fig. 4.7.
This figure is a single pipe size and a single dP scenario, regenerating the
data with different pipe size or dP changes the differences between the
lines.

4.3.4 Multiphase flow

In most of this chapter we have pretended that we can treat real flows as
“single phase”” That is because we have reasonable arithmetic for single-
phase gas or liquid flow that does a pretty good job at representing the
physical world when we are able to force the flow into a single phase for
short periods of time (e.g., right after a pig run, a gathering line will be
single-phase for dozens of seconds). Multiphase flow is a totally different
kettle of fish. First oft, fluids are unable to withstand applied stresses, so
when a line fills up with liquid with gas pressure increasing behind it, the
liquid inertia will only be able to withstand that build-up in energy for a
few milliseconds before it breaks free. This leads us to the observation
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Figure 4.7 Comparison of flow equations.

that multiphase flow is inherently unstable relative to time, and no condi-
tion can exist for more than a very brief instant.

We talked about multiphase vertical flow in Chapter 3, Well
Dynamics, without elaborating on transitions and types of flows. The
representations in Figs. 3.14, 3.17, and 3.18 would have been more
accurate if shown as in Fig. 4.8 where the “flow regime” changes from
inch to inch and from second to second as you move up the tubing.
Envisioning vertical multiphase flow is considerably easier than horizon-
tal multiphase flow since gravity is operating counter to the bulk flow
and tends to make liquid flow require higher energy than gas flow, and
the liquid will exhibit a tendency to “run out of petrol” and fall back
down.

“Flow regime” has historically been demonstrated on a map like
Fig. 4.9. The axes on these maps have been “superficial gas velocity”
and “superficial liquid velocity” (i.e., the velocity that the given volume
flow rate of the particular fluid species would exhibit if that species
were the only thing in the pipe). Modern computer models have dem-
onstrated that flow regime has less to do with superficial velocity than
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Figure 4.8 Vertical multiphase flow.

we previously thought and have shifted the axis to a “mass flux” (i.e.,
mass flow rate divided by cross-sectional area of the pipe), or “superfi-
cial momentum” whatever that means. Researchers in this area have
also moved away from a discrete boundary between the various flow
regimes in favor of a transition region. Even with these refinements,
the maps are far more useful as visualization aides rather than computa-
tion aides—in other words the numbers on the x- and y-axis are
mostly useless and can be misleading. Looking at Fig. 4.9 if we start
with a fairly energetic liquid and a moderately energetic gas, say in the
dead center of the “dispersal” area and flow the fluid down the line.
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Figure 4.9 Flow regime map.

The tendency is for interfacial effects and friction to lower the liquid
energy first, which causes the dispersed liquid droplets to fall out and
accumulate in the bottom of the pipe. Shortly, the accumulated liquid
builds up and momentarily increases the energy in the gas behind the
accumulated liquid and it “launches” the slug down the line at high
velocity while dropping the energy in the gas, and the flow moves to
either the higher-energy portion of the “stratified” region or into the
Wavy region. Annular flow only occurs with very high gas flow energy
with low to moderate liquid energy, and is generally very short-lived
since it maximizes both fluid friction and interfacial energy transfer.

4.3.4.1 Calculations with horizontal multiphase flow

Computational fluid dynamics (CFD) is the darling of early 21st cen-
tury researchers. I can’t remember the last time I saw a doctoral thesis
that did not have a CFD model as a center point. When I hired
scientists to analyze a device I was trying to patent, the outcome was
a CFD model. The problem is that the underlying arithmetic is far
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from robust. The models are generally unable to change state as often
or as dramatically as happens within the pipe. I reviewed one doctoral
thesis that went on for hundreds of pages about a multiphase CFD
model that the author purported to represent a breakthrough in fluid
measurement. Somewhere around page 250, there was a statement that
the ability of the model to match measured data was consistently
* 60% normalized for measured data. This means that the CFD was
not quite as useful as a random number generator. There are some
very expensive CFD programs on the market and they are actually
useful in helping understand the strengths and weaknesses of a design
in a qualitative manner, but if you use the quantitative data from one
of them you will reach the wrong conclusion more often than the
right conclusion.

The GPSA Engineering Data Book (GPSA) has a section on closed-
form multiphase flow equations that ends up doing about the same qual-
ity of calculation as a very expensive CFD model for a lot less money.
One process to put numbers on multiphase flow is as follows:

* Calculate the pressure drop due to gas—liquid interactions using the
Duckler method (Eq. (4.29)).

* Calculate the pressure drop due to elevation changes using the
Flannigan method (Eq. (4.30)).

* Calculate the pressure drop due to gas flow using the isothermal gas flow
equation (Eq. (4.18) or Eq. (4.19) depending on what data is available)
assuming the liquid is absent.

* Add the three pressure drops together.

Using this method you should expect to match field data = 20%,
about 75% of the time. That is considerably better than people have done
with CFD.

Liquid holdup. Liquid holdup is the traditional method for assessing a
total stream effective density to a multiphase mixture:

1000-SCF Pgsstp
MSCF  p,4q SCF

qgasACFd = qmsfd

o . ppurcWatcr ) Z SG- Qliquid
liquid —
1 Z qliquia’

)\ _ qliquid _ oil + Qwater + Geondensed Water

Qliquid + qgasACFd Qoil + GQuwater + Geondensed Water + qgasACFd

(4.25)
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Using the liquid holdup (A, Eq. (4.25)) you can get a first estimate of
full stream density:

Po = pliquid A+ p_gas ’ (1 - A) (426)

4.3.4.1.1 Duckler Method
The Duckler method of determining fluid velocity starts with an odd
combination of parameters:
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Now you can get a pressure drop using Duckler’s empirical equations:
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4.3.4.1.2 Flannigan method
The Flannigan method is based on the lines not being liquid-full (i.e.,
there is no pressure recovery on the downbhill slopes):

he: § AI/ltanill.S'lo‘m’

1

HFlarzrz(ga11 = (430)

. 1.006
1+ 0.3264 v 00hiaiGas

dPFlanm'gan = pliqm’d : he ‘g HFlannigan

g 4.4 CORROSION

Corrosion is the wastage of material by the chemical action of the
environment. It does not include mechanisms such as erosion or wear,
which are both mechanical. I have been a member of the National
Association of Corrosion Engineers (NACE) for many years and I study
their publications carefully to find out if the state of corrosion research
has improved, it hasn’t. When original research is done (fairly rarely), it
tends to be structured to maximize corrosion rates (e.g., very high tem-
peratures and the corrosion element under consideration pumped up to
levels not seen in industry) instead of developing tools to allow users to
assess the corrosion risk of real flows at real field conditions.

4.4.1 Erosion

While erosion is not the same as corrosion, the results of erosion are
similar—the pipe integrity can be compromised. For liquid flow, the API
has published a maximum velocity to prevent erosion in APl RP 14E
(Recommended Practice for Design and Installation of Offshore Production
Platform Piping Systems) and while the scope of this document is limited
to offshore, the pipe we have onshore is similar even though the impact
of a failure is assumed by the industry to be lower onshore we can still

use the equation (py comes from Eq. (4.26) and must be in Ibm/ft).
b= — (4.31)
A Po

The constant ¢, is application specific:

e Solids-free fluids in continuous service — 100 ft/s
¢ Solids-free fluids in intermittent service — 125 ft/s
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* Solids-free fluids with corrosion controlled in continuous service —

150 ft/s
* Solids-free fluids with corrosion controlled in intermittent service —

200 ft/s.

If solids are expected, then lower values should be used based on
experience. Eq. (4.31) blows up for densities less than about 20 Ibm/ft’
and should never be used for flow that is primarily gas.

Erosion in gas flows requires velocities approaching 1.0 Mach, and jets
from holes in pipelines can do considerable damage, but if you have a low
probability of exposing piping, vessels, and fixtures to a choked jet then it
is not a consideration and do not use Eq. (4.31) to justify unreasonably
restrictive velocities.

4.4.2 Common corrosion modalities

The corrosion that concerns us is an anode/cathode reaction where an
anode (something like steel pipe) has a lower electrical potential than a
cathode and gives up electrons to the cathode. This reaction requires:
e anode,
» cathode,
* electrolyte.

In most cases the anode is the steel pipe, the cathode is a substance
within standing water, and the standing water is the electrolyte.

4.4.2.1 Microbiologically influenced corrosion

MIC failures in piping occur more often in Oil & Gas operations than all
other corrosion modalities combined. Every single water sample that I've
ever had tested for microbial activity has swarmed with both aerobic and
anaerobic bacteria. The primary culprits in MIC are:

* sulfur-reducing bacteria (SRB),

* acid-producing bacteria (APB).

In both cases the bacteria consume something in their environment
and the biological process results in waste that is a strong cathode. It is
very common in the world to see co-colonies of APB and SRB. In addi-
tion to a very aggressive cathode, the APB secrete a biofilm that tends to
protect the colonies from external chemical attack, but the APB them-
selves can’t live in the environment that they create and they generally die
off fairly rapidly, creating an ideal environment for SRB to set up shop.
Fig. 4.10 shows a distressingly common result of these co-colonies. All
over that picture you see the straight-walled pits that are the characteristic
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Figure 4.10 MIC corrosion.

look of APB attack. You also see the “ice cream scoop” pits that are the
characteristic look of SRB attack. This failure was interesting in that it
was in the middle of an 8-in (200 DN) ERW (“electric resistance weld”
pipe with a longitudinal weld seam) flow line. When we cut out the leak
we inspected the pipe on either side and it was also damaged. We cut out
pipe until we found clean pipe, and both upstream and downstream pipe
joints were pristine. We sent a sample to a testing laboratory and the fail-
ure happened on the longitudinal weld seam which happened to be at
the 6 o’clock position. The other joints had the weld seam off the
bottom. After that experience, my design documents have specified that
the longitudinal weld seam on ERW pipe must be located above the
plane of the centerline (i.e., located somewhere before 3 o’clock or after
9 o’clock to use the clock analogy).

4.4.2.2 CO, corrosion

More dumb decisions are made in upstream Oil & Gas operations

through an unreasoning fear of CO, corrosion than any other single con-

cept. You can see stainless steel wellheads because “there is 5% CO,

somewhere in the field” and high chrome tubing and separators to pre-

vent corrosion. CQO, is a factor in two different kinds of corrosion

(Fig. 4.11):

* Mesa attack: Areas of the affected pipe are intact, surrounded by
steep-walled pits over a wide area. This typically happens at pH from
5.0 to 6.5.
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Figure 4.11 CO, corrosion.

* Acid attack: Deep localized pitting without evident general corrosion.

This typically happens at pH less than 5.5.

Both of these corrosion modalities are aggressive and can cause pipe to
fail fairly rapidly, but they only happen in acidic pH. The CO; has been in
the formation for millions of years. All of the CO, that is going to dissolve
in water and become carbonic acid had already reacted to its environment
before the dinosaurs died off. What we see in unconventional wells is that
the produced water is decidedly basic (the spent carbonic acid has become
carbonate and bicarbonate) and is as benign as a fluid can be. The example
in Fig. 4.11 is the only one I have ever seen in spite of the fact that I've
been asked to investigate dozens of failures purported to have been caused
by CO,, all of them were MIC (the corrosion in Fig. 4.11 was discovered
when a piece of a trunk line was removed to tie in another facility and the
corrosion was visible in the cutout pup, it was not a failure).

4.4.2.3 H,S

Hydrogen sulfide has a tendency at pH above 2.0 to form scale in contact
with steel instead of creating pits in steel pipe. This scale can be a huge
problem in processing facilities and can actually clog lines. Most of the
serious corrosion failures we see in upstream due to H,S have some com-
ponent of the line with a copper or brass component (i.e., the so-called
yellow metals) which pit at higher pH than steel.

4.4.2.4 Oxygen corrosion

In general usage, the terms “corrosion” and “oxidation” are used inter-
changeably to highlight the role of oxygen in the wastage of metal.
Oxygen participates in three flavors of corrosion:
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Figure 4.12 Oxygen corrosion.

Uniform corrosion (rust). This ubiquitous corrosion modality poses
approximately zero risk to the integrity of pressure-containing pipes
and vessels. The piping in Fig. 4.12 has been exposed to the elements
in a semiarid region for nearly 100 years (many of the components
have been upgraded and replaced over decades, but the major struc-
tures are the material that was installed before World War I) and the
wall thickness continues to be adequate for the design task.

Stress corrosion cracking (SCC). Oxygen can accelerate cracking in
carbon steel that is under high stress and in stainless steel. In normal
upstream usage, steel piping tends to be limited to fairly mild carbon
steel with very low native stresses and operated at pressures distinctly
toward the low-stress end of the pressure range. SCC happens, but it
1s not common.

Galvanic pitting. Dissolved oxygen can create cathodic cells that can cause
aggressive pitting. This galvanic action requires at least 450 ppm (0.045%)
oxygen in standing water. To sustain 450 ppm dissolved in water requires
something on the order of 2000 ppm (0.2%) O, in the gaseous stream at
145 psig (1000 kPag). At 50 psig (345 kPag) the gaseous O, would need to
be over 14,000 ppm (1.4%) to reach 450 ppm dissolved.

Historically, third-party gas gathering agreements have set the limit for

free oxygen above 2000 ppm (0.2%) in the gas stream. A widely published

document from a well-known testing laboratory (I will not reference the

spe

cific paper because I don’t want to imply that anyone should read it)

did a series of “experiments” including one that had a 50/50 mix of CO,

and O, bubbling through water with a pH of 6.0 and they saw acceler-

ated corrosion in very low carbon-content steel. This spurred them to

recommend a limit for oxygen content in natural gas streams of 10 ppm
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(0.001%). There is no attempt to link the 500,000 ppm in their test to
the 10 ppm in their recommendation within the report.

At about the time of the publication of the report, many third-party
gas gathering companies were decommissioning well-site dehydrators as
“inefficient” (discussed at length in Chapter 9: Interface to Plants) and
saw the potential of liquid water accumulation in their lines from the
condensation of water vapor and they were not prepared to deal with
it properly, so they cynically began requiring contract revisions to the
new 10 ppm limitation in the hopes that keeping oxygen out of their system
would inhibit corrosion. They knew full well that it wouldn’t, but there was
a need for a scapegoat when pipes standing full of water started to fail (likely
due to the action of anaerobic bacteria which would die off if oxygen were
present). As a facilities engineer, I have been involved in six of these contract
renegotiations and been an expert witness in two lawsuits and the same
report gets pulled out as “proof™ every time. In the end, most companies
just accept the new limits and the requisite monitoring and control
equipment expense without challenge, those that challenge the arbitrary and
unilateral change always win because the gathering companies know that
they don’t have a leg to stand on.

4.4.2.5 External galvanic corrosion

If there is a single concept that the industry and regulators have embraced
with vigor it is protection against external galvanic corrosion. Pipeline
regulations around the world all have extensive and detailed laws intended
to prevent external galvanic corrosion. These laws were both important
and effective when they were devised in the 1950s, but this is an area
where technology has far surpassed regulations. External galvanic corro-
sion implies that groundwater can serve as an electrolyte, the earth itself
can serve as an (infinite) cathode, and unprotected steel pipe serves as the
(very much finite) anode. The result can be quite rapid wastage of metal
and early failure of the pipe (Fig. 4.13). Modern coatings make this type
of corrosion rare (see later).

4.4.3 Corrosion control

By far the most effective corrosion-control method in gas flow lines is to
remove access to steel by any electrolyte. Everything else that we do to
maintain pipe integrity is a Band-aide at best and many of the things we
do are actively harmful.
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Figure 4.13 External galvanic corrosion.

4.4.3.1 External

The two main methods of combating external corrosion are:

1. Proper pipe coating, properly applied, and properly installed
2. Providing an alternate anode.

Alternate anodes (called “sacrificial anodes”) are metals with a lower
Gibbs free energy level than carbon steel that will corrode before the steel
will. One example of sacrificial anodes is the zinc rods that are installed in
residential hot-water heaters. A similar arrangement is common to install
zinc components in the vicinity of the propeller on pleasure boats to pro-
tect the metal of the propeller.

Providing alternate anodes can be done more effectively by impressing
a current on the pipe to make its electrical potential more positive than
the environment. This is called “impressed current cathodic protection”
and requirements for its installation, monitoring, and maintenance are
common in the laws of many countries. Whole industries have grown up
around the requirement to monitor and maintain cathodic protection
systems.

When the regulations were being developed to require cathodic pro-
tection, the quality of external pipe coatings was quite poor and the
cathodic protection system required considerable current flow to protect
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the pipe at the points where failed coating left the steel in direct con-
tact with damp soil. As coatings have improved year-on-year, the
amperage requirements have dropped dramatically to where it is com-
mon today to have current flow too low to measure on historical
instruments. With 21st century coatings, disbondment of the coating
from the pipe has become rare, and the new material is so tough that
field handling rarely creates “holidays” in the coating field (i.e., points
where the pipe is uncoated due to damage). Coatings have gotten so
good that many facilities engineers have never seen external corrosion
on buried piping. High-quality pipe coating, properly applied, and
properly installed is a far better protection against external galvanic cor-
rosion than impressed cathodic protection system, but the laws will
likely never accept that fact.

Before you get the idea that all impressed cathodic protection systems
are junk, let me say that downhole tubular goods are completely uncoated,
and any groundwater will create corrosion cells. Not providing, monitor-
ing, and maintaining well-bore cathodic protection is irresponsible.

4.4.3.2 Internal

The first time I assumed responsibility for operating a gas gathering sys-
tem, our budget for corrosion chemicals was over $20k/month. I can-
celed that contract and stopped injecting any corrosion-control chemicals.
Five years later, that system had lower incidence of corrosion than any
similar sized gathering system in that field. Injecting corrosion chemicals
into a fluid requires that the fluid disperse the chemicals to the locations
where corrosion cells might form. With a liquid system, the process fluid
has adequate density to transport the corrosion chemicals throughout the
system. Not so with gas. When you inject a liquid into a gas (even as an
aerosol), the droplets start bashing into each other and/or the pipe walls
immediately. Every collision causes the droplets to get bigger, and the
effect of gravity on them will increase their size and mass until they fall to
the bottom of the pipe. Shortly after I took over the gathering system we
had to cut open a line to tie in another well. The line being cut had been
treated with biocide. The job was within sight of the biocide injection
point, and when we cut the pipe we filled the bottom of the ditch with
pure biological poison and had to evacuate for several hours while we
sucked the poison out of the ditch and dug up considerable dirt for dis-
posal away from people. This is common, injected chemicals are rarely
seen more than a dozen pipe joints downstream of the injection point.
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Corrosion-control chemicals in gas lines are ineffective (no transport

mechanism), dangerous (many are active poisons and all can create

chronic health problems), and expensive. When I see them in my client’s
lines in my consulting business I always recommend ceasing the chemical
injection immediately.

If injecting chemicals 1s a bad idea, what can you do? First, every steel
line in a system needs to be piggable. There are inexpensive ways to
accomplish this (such as “pigging valves” discussed in Chapter 6: Gas
Gathering Systems), but even stick-built launchers and receivers cost less
than injecting chemicals and fixing leaks. Not all lines need frequent pig-
ging, but all lines need the ability to be pigged to eliminate standing liquids
(and the electrolyte they represent). The pigging schedule needs to be
adapted to the requirements of the particular gathering system. On one
system, a pipeline model was used to adjust pipe efficiency on each line
independently. A complete set of pressure data was collected once a quarter
and fed the new flow rates and pressures into the model and tweaked the
efficiency values until the model matched the field data within very close
tolerances. For each line there was one of three possible outcomes:

* The efficiency did not change from the previous quarter — leave the
pigging schedule on that line the same for the next quarter.

* The efficiency got higher than the previous quarter — if it remains
the same or improves again the next quarter then reduce the pigging
frequency.

* The efficiency got worse than the previous quarter — increase the
pigging frequency.

This schedule was in place for 7 years and the next engineer left the
schedule the way that was calculated the last quarter. They had their first
corrosion failure 3 years after the schedule became stagnant and corrosion
failures became a quarterly event after that.

4.4.4 Flow through a hole

Often the first indication of a line failure is a very noisy “ant hill” structure
above the line (Fig. 4.14). The gathering line failure in Fig. 4.14 was a
result of MIC, and the sum of the 15 holes through the pipe had a cross-
sectional area of less than the flow area of a 1-in (25 DN) pipe. There is no
way to know how long the line was leaking before it acquired enough
energy to blow a path from the bottom of the line 4 ft (1.22 m) below the
surface, but the amount of natural gas stored in the surrounding soil
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Figure 4.14 Indication of a line failure.

indicates it was probably weeks. Once the accumulated gas was at a pres-
sure greater than the limiting pressure for choked flow, the rate of failure of
the soil accelerated.

Part of the corrective action for any line leak is to assess how much
gas leaked at that site. The primary tool is comparing well-site gas mea-
surement to off-system gas measurement, but that number contains all of
the sins of the line and often significantly overstates the leak.

Calculating the flow is often more reasonable. The flow can be
expected to have a period of compressible flow followed by a period of
incompressible flow. The compressible-flow portion can be assessed by:
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When velocity drops to below 0.6 Mach, you have to go to an
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4.4.5 Corrosion prediction
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The ultimate quest for corrosion engineers is to be able to predict corro-
sion in real flows in varying conditions. Researchers are not providing
much help in that quest. Virtually every research study contains pure
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liquids and limited gas species to try to get an understanding of how a
specific corrosion modality is impacted by a specific environment. If you
get enough of these one-oft relationships, the researchers feel that they
can be added together to reach a real-world prediction. This approach
disregards species interactions that may accelerate or inhibit corrosion
reactions, but researchers don’t have an alternative so they use this one.

Prediction methods like the DeWaard—Milliams nomograph for CO,
have not done a very good job of predicting corrosion rates. The newer
computer programs based on recent research don’t look to be doing
much better. Neither one is actually as good as a bald faced guess.

For many years people have used corrosion coupons to assess the cur-
rent rate of corrosion in their actual systems. These coupons are slabs of
steel that are designed to go in and out of a lubricator built into the pipe-
line. The slabs are carefully weighed and measured before installation and
again at postinstallation. Loss of mass for a known volume of metal yields
the volume loss or the rate of wastage. Sounds good, except we always
place the coupons in locations that are accessible from the road, not nec-
essarily at locations with standing water. I have never seen coupon results
that led to a decision that avoided future corrosion failures.

My approach is to pig the water from the flow lines which lowers the
corrosion failure rate to approximately zero.

4.4.6 Corrosion summary

For upstream gas piping corrosion evaluation and mitigation is fairly
straight forward—install the pipe with good coatings and pig it regularly.
Table 4.5 summarizes my views on managing it.

Table 4.5 Corrosion summary
Requirements Frequency Consequence Mitigation

SCC Catalyst, Rare High Avoid high-
high stress strength or high
chrome steel
Uniform Catalyst, Common Low Paint, coatings
electrolyte
MIC Electrolyte, Common High Pigging
microbes
Galvanic Cathode, Moderate High Coatings, cathodic
(external) electrolyte protection
Other galvanic ~ Cathode, Rare High Pigging

(internal) electrolyte
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> 4.5 PURGING AIR FROM GAS LINES

Improper purging of flow lines is the number 2 cause of fatalities in
Oil & Gas around the world (of course the number 1 is driving vehicles
on public roads). Nearly everyone who has been in the industry for a few
years has seen a case study from their own company of a purge-related
fatality, and far too many of us knew people killed in purging incidents.
The reaction of the safety community to purging is very odd. Few safety
manuals cover it. No regulations cover it. Few engineers consider it in
their designs. Every field tech thinks that she understands it, and she is
generally wrong.

The danger in bringing a line back into service after opening it for
work is that somewhere in the system you will form an explosive mixture
of air and natural gas—two legs of the fire triangle waiting for the igni-
tion source to blow up. As you raise the pressure in the line, the explosive
range of the mixture also increases (Figs. 2.7 and 4.15) so relying on the
mixture being “too rich to burn” becomes progressively less eftective as
pressures increase.

ECH; WO, N, 400 pSlg

Figure 4.15 LEL for methane.
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Nearly everyone has inserted a flowing garden hose into a swimming
pool and noticed that the high-velocity stream does not mix with the
pool water until it has lost enough energy pushing the pool water out of
the way to approximate the same velocity (zero) as the pool water. This is
true (although more difficult to see) for any two fluids.

* A stream flowing at a laminar Reynolds number will mix with a static
volume or another laminar stream.

* A stream flowing at a turbulent Reynolds number will not mix with a
static volume, laminar stream, or another turbulent stream that has a
significantly different bulk velocity (something like 20% difference or
more than about 30-degree difference in angle will prevent mixing).

* A sonic stream will not mix with anything (not even another sonic
stream going in the same direction). A sonic stream will act like a pis-
ton in a pipe, compressing the gas in front of it until the pressure
downstream of the shock wave increases to above the critical pressure
for choked flow.

Just like the internal process within a diesel engine, blowing a sonic
stream into static gas volume will tend to heat the gas compressed ahead
of it. The heat of compression is:

—

|

o = Ts- (%) (4.34)

If you have a gas source (like a well-bore, for example) pressurized
with methane to 650 psig (4.5 MPag) and 80°F (26.7°C), and an isolated
piping system full of air (k= 1.4) at atmospheric pressure and you rapidly
open a wellhead wing valve to pressurize the piping system, the results
can be dramatic. Initial flow is 1.0 Mach, and critical pressure for choked
flow is 364 psia (2.507 MPaa) (assume atmospheric pressure at this loca-
tion is 12 psia (82 kPaa)) so when the well-bore stream slows enough to
begin mixing, its temperature would be 971°F (521°C). Slightly below
the autoignition temperature of methane (which is 999°F (537°C)) but if
mixing were to be delayed to 0.6 Mach (which it will be), the additional
compression would certainly exceed the autoignition temperature.

The first time I did this analysis, I thought “we open meter runs all
the time and never purge them or slowly pressurize the lines, why have
we never blown up a meter run?”’ I went to one of the wells T was
responsible for and looked at the 6-in (150 DN) meter run, and there
was clear evidence on the last flange before the block valve that there had
been (at least one) fire in the tube, but apparently there was not enough
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air in the line to support an explosion. Then I visited 20 other 6-in meter

runs and all of them showed evidence of the paint having been burned

off the pipe. It was very eye opening and I started writing purge proce-
dures for well-sites and meter runs (and taking more care in writing
purge procedures for pipeline construction/repair).

The goal of purging into service is to ensure that:

* no mixture is exposed to an ignition source,

* you never form an explosive mixture.

Succeeding at either goal promises a safe start-up, but working toward
both helps provide confidence that no error will be fatal.
There are basically three types of purge:

1. Dilution. Introduce enough inert gas to a closed system to ensure that
an explosive mixture cannot form, then purge the inert system with
process gas at a high enough pressure to ensure that flow out the vent
is choked.

2. Displacement. In an open-ended system, introducing inert gas at a
turbulent injection rate will tend to push the air out of the system
rather than diluting the air. Done at high enough pressure to ensure
that the flow out the vent is choked, followed by a clearing purge
with process gas.

3. Clearing. Displacing the air with process gas (natural gas) so rapidly
that that there is minimal mixing. Clearing purges are done at a high
enough pressure to ensure that the flow out the vent is choked.

4.5.1 Dilution purges

For systems that do not have a clear path from an injection point to a
vent point, the only option available is a dilution purge.

By the nature of the methane equation of state, slowly raising the
pressure in an air-filled line to 150% of local atmospheric pressure will be
sufficient to guarantee that you cannot burn or explode the contents of
the line. Once the system has been rendered inert, introduce process gas
at a slow rate to raise the line pressure high enough to ensure choked
flow out the vent and purge three pipe volumes. See later for the tech-
nique to determine purge times.

4.5.2 Displacement purges

On the face of it, displacement purges sound like the clear winner
until you consider a purge in the Texas City, TX, area in the 1940s.
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The operator was purging a 10 mile (16 km) long 12-in (300 DN)
diameter ethylene line. Because of the extremely explosive nature of
this product, the operator decided to put a pig in the line, follow that
with potable water (pumped until water appeared at the pig receiver)
and another pig followed up with air. When the second pig
passed the electrical isolation kit on the receiver, it created a shunt
around the isolation kit and allowed the accumulated static electricity
from the pig run to spark hot enough to ignite the fuel—air mixture
behind the second pig. The operator never found any of the pipe, it
was vaporized over its entire length. While this was an extreme exam-
ple (typical of the Texas City area, all the best war stories come from
there), it made me think that displacement purges require more con-
trol than is actually possible, and I don’t recommend displacement
purges.

If you must do a dilution purge inject the purge gas fast enough to
raise the pressure in the system above 14.5 psig (1 barg) and purge three
pipe volumes. When the inert-gas purge is complete, use process gas to
purge three more pipe volumes at 14.5 psig (1 barg).

4.5.3 Clearing purge

Initially, clearing purges look very risky because you were purposely
introducing an explosive gas to an air-filled system. This is the only kind
of purges that field techs have access to, and it is the kind of purge done
most often by a large margin. At any given instant in time, you can be
certain that somewhere in the world someone is doing a clearing purge.
Mostly they are still alive at the end of the purge.

To safely perform a clearing purge you need to verify that your source
gas 1s oxygen free, then you need to open a single vent, raise the system
pressure above 14.5 psig (1 barg), purge three pipe volumes, shut the
vent, and raise the system pressure to nominal.

4.5.4 Determining purge pressure and required time

I have presented this information many times to field techs, engineer-
ing societies, and pipeline companies. At one pipeline company, the
local manager provided me with their purge procedure and the proce-
dure started with “raise the pressure in the line being purged to
1000 psig.” I gasped and used their procedure in my presentation. In
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my estimation there are three possible pressures to use for a purge with

process gas:

* Less than the pressure required to ensure choked flow out the vent

* Approximately the same pressure required to ensure choked flow out
the vent

* Too much pressure.

A study in the 1950s showed that it is statistically sound to assume that
when you have flowed 2.5 times the pipe volume through the pipe you
are assured that the gas in the line has been replaced completely by the
purge gas. Typically we round that up to three times, and any published
purge procedure will have “three pipe volumes” somewhere in it.

How do you know that you’ve flowed three pipe volumes? If the pres-
sure in the line is less than the pressure required for choked flow, you
don’t know, and there is really no reliable way to assess the flow rate. If
the pressure is high enough to ensure choked flow then you can use
Eq. (4.32) to determine the flow rate quite accurately. Convert the result
of Eq. (4.32) to actual volume (at the pressure upstream of the choke)
instead of standard volume and continue the purge until you've flowed
three times the volume of the pipe (i.e., divide pipe volume times 3 by
flow rate at actual conditions). As we’ve seen, the higher the pressure, the
higher the mass flow rate (and the lower the volume flow rate at actual
conditions for a given velocity) so raising the pressure increases the
required purge time without improving purge efficiency at all. Purging at
1000 psig requires increasing the purge time by a factor of 35 over the
required purge time using the minimum pressure required for choked flow.

The minimum line pressure that will ensure choked flow is:

>\

Ppm;qeﬂ/lin = Patm N <m> (435)
At most elevations this number works out to around 12 psig (82 kPag)

(10 psig (67.9 kPag) at the elevation of Denver, CO, or Windhoek,

Namibia). Procedures I write use 15 psig or 100 kPag to get to values

that people can actually read on a field gauge.

4.5.5 Purge conclusion

I've reviewed many purge procedures and too many of them show a
remarkable lack of knowledge while some of them are downright dan-
gerous. One technique in frequent use is to sneak up on a purge by
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pressuring the line to some lower pressure, blow it down, pressure it to

a slightly higher pressure, blow it down, and repeat three to five times.

This process is very wasteful both of purge gas and people’s time with

no real benefit.

Another process that is in common use (primarily in plants) is to
require an operator to hold an LEL meter in the exhaust stream until it
registers maximum. There are so many problems with this. First, the vent
is usually not very accessible to the operator and it is not uncommon to
see them standing on the roof of a pickup truck to access it. Second, LEL
meters are calibrated in percent of the lower explosive limit—when your
LEL meter says “100%,” it means “100% of 5%” and at its maximum
reading the flow stream is very explosive. Finally, the LEL meter is
intended for personnel protection, not process evaluation, and is designed
to work in a static gas volume; sticking it in a choked stream simply
floods the sensors and turns it into a random number generator, some
plants get around this by requiring a bag to be placed over the vent and
testing the exhaust of the bag, generally resulting the bag being shredded
or launched into outer space. There is no instrumentation that can tell
you that a purge should be complete.

Steps to ensure a safe and eftective purge are as follows:

* Ensure that the source gas is oxygen free.

* Make sure that every valve in the purge path can be operated.

* Ensure that automated valves are disabled (you don’t want an auto-
mated valve to slam shut in the middle of a purge because it now has
pneumatic pressure to satisfy the last command to close).

* Raise pressure above pressure required to provide choked flow, typi-
cally 15 psig or 100 kPag.

* Open only one vent (multiple vents can short cycle the purge and
suck in air).

* Purge three pipe volumes (if the pressure creeps up during the purge,
increase the purge time 1 minute for every psi (10 kPa) increase).
Using these steps will ensure that you don’t cause the fatality statistics

to increase.
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NOMENCLATURE
Symbol Name fps units SI units
A Flow area ft? m’
BHP Energy requirement hp W
Cy Discharge coefficient (square decimal decimal
edged hole = 0.8, ragged
hole = 0.72, ductile
failure = 1.0)
C, Erosion constant ft/s n/a
o Flow constant (well specific) MSCE/day kSCm/day
Coumping Unit conversion factor 1714 1
Coinit Unit conversion 490 86,400
do Effective diameter. For flow in mm
inside a pipe it is inside
diameter, for annular flow it
is effective diameter
ar Differential pressure psi kPa
I Fanning friction factor (f,,/4) decimal decimal
o Moody friction factor decimal decimal
Joortexshedding  The frequency that von Karman decimal decimal
Streets are shed around a bluff
body in flow
g Gravitational constant 32.174 ft/s” 9.81 m/s”
s Unit converter 32.174 ft-lbm/ N/A
s>-Ibf (for now)
h Height ft m
H* Enthalpy divided by reference  decimal decimal
enthalpy
k Ratio of specific heats decimal decimal
ID Inside diameter in mm
ID parey ID used in Darcy—Weisbach ft m

(Continued)
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(Continued)

Symbol Name fps units SI units
L ites Length of pipe for gas flow mi N/A
Lparey Length of pipe for ft m
Darcy—Weisbach
Liparacterisic  Some length related to an ft m
analysis, can be OD, length,
hydraulic diameter, etc.
m Mass (not used without Ibm kg
subscript in any equation
with explicit units)
] Mass flow rate Ibm/h kg/h
MW, Molecular weight of air 28.962 b/ 28.962
Ib-mole gm/gm-mole
P Pressure psia kPaa
P, Atmospheric pressure psia kPaa
Piyposed Imposed pressure psig kPag
OD Outside diameter in mm
q Gas flow rate MSCEF/day kSCm/day
Geomprmiscra  Gas flow rate during MSCEF/day kSCm/day
compressible flow
qDarey Fluid flow rate /s m’/s
Gincomprviscra Fluid flow rate MSCEF/day kSCm/day
Qliguid Liquid flow rate gpm L/s
R Universal gas constant 1545.3 ft*lbf/  8.314]/
R /Ib-mole K/mole
R, Specific gas constant for air 53.355 ft X Ibf/ 287.068
(R/MW,;)) R/Ibm J/K/kg
Ry Specific gas constant R,ir/SGagys R.ir/SGgys
Re Reynolds number decimal decimal
AS* Change in dimensionless decimal decimal
entropy compared to
reference entropy
SG Specific gravity none none
T Temperature Rankine Kelvin
v Velocity ft/s m/s
|14 Volume ft’ m’
w Weight Ibm kg
Z Compressibility decimal decimal
A Change none none
€ Efficiency decimal decimal
€ Absolute pipe roughness ft m
e_D Relative pipe roughness decimal decimal

(Continued)
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(Continued)

Symbol Name fps units Sl units
I3 Viscosity Ibm/ft/s mPa/s
p Density Ibm/ft? kg/m’
n Efficiency decimal decimal
A Liquid Hold Up decimal decimal
Subscripts
1 Upstream value
2 Downstream value
avg Average
disch Condition at the discharge of a pump or compressor
gas Gas
lig Liquid
std Standard condition
suct Condition at the suction of a pump or compressor
tbg Tubing
EXERCISES
1. Determine the amount of work required to pump the required 1.01
SG water volume from Table 4.6 for each of the pipe sizes and mate-
rials in the table.
2. For a 3 mile long RTP pipeline with a 2.01in (50.8 mm) ID and an

absolute roughness of 50 X 107°ft (15 X 10 °m) flowing 480
MSCF/day (13.6 kSCm) of natural gas with an upstream pressure of

533 psig (3.67 MPag) and a downstream pressure of 493 psig
(3.40 MPag) at 60°F (15.6°C), which closed-form equation would be

Table 4.6 Exercise 1 data

fps Both Sl
Elevation ASL 5588 ft 1703 m
q 550 bbl/day 87.4 m>/day
Length 7 miles 11.27 km
h,an (highest point on system) — +130 ft +39.62m
Ah (start vs end) —256 ft —78.03m
Yhy,, (sum uphill runs) 446 ft 136 m
Pipe 1 ID and material 1.049 in Steel 26.64 mm
Pipe 2 ID and material 2.96 in FiberSpar (FRP)  75.18 mm
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most appropriate for these conditions? What flow rate does that equa-
tion predict?
3. Determine the Reynolds number for the following (state any required
assumptions):
Gas — natural gas
Flow rate — 480 MSCF/day (65.1 SCm)
Pipe ID — 2.0 1in (50.8 mm)
Pressure — 525 psia (3620 kPaa)
Temperature — 60°F (15.6°C)
4. For the pipe in #2 and the Reynolds number from #3, determine a
friction factor.
5. Would the flow in #2 be appropriate for a calculation based on
Bernoulli’s equation? Why or why not?
6. A system purge that uses only process gas is called a

purge.
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5 5.1 INTRODUCTION

Onshore gas well equipment and piping selection and configuration
is a subject that our industry has always treated as “easy” and it has histor-
ically been rare for engineers to be involved in these activities at all.
Unconventional gas has made in-roads into that mindset, but it still seems
to be difficult for the industry to accept that applying engineering exper-
tise to surface equipment can improve the performance of a reservoir.

For example, there was a coalbed methane (CBM) gathering system
in a field where wells had been (prior to CBM development) expected to
make less than 500 MSCEF/day (14 kSCm/day) and all well-site facilities
were specified by the field foreman without engineering input. The
CBM gathering system had been built for the same rates, but CBM pro-
duction rates were far higher.

One well was especially telling:

* Production rate: 28 MMSCF/day (793 kSCm/day) of gas and

340 bbl/day (54 m’/day) of water
*  Compression: Two 500 hp (373 kW) oil-flooded screw compressors

with 4 psig (24.6 kPag) suction pressure
* Pipe from wellhead to separator: 90 ft (27 m) of 12 in (300 DN) pipe
*  Separator: 90 in X 25 ft (2.28 m X 7.62 m) vertical two phase
* DPipe from separator to compressor: 110 ft (34 m) of 12 in (300 DN) pipe

This volume of fluids at this compressor suction pressure should result
in a wellhead pressure about 6 psig (41.4 kPag), but field measurements
showed that separator pressure was 47 psig (324 kPag) and wellhead pres-
sure of 86 psig (593 kPag). The lease operator was at a loss for how to fix
this problem. Looking at the flows it is clear that the observed pressure
drops could be caused by the velocities indicated in Fig. 5.1 along with
the line being nearly full at the riser into the separator (Fig. 5.2), but that
when the operator tried to blow the water out of the line he was only
able to lower the liquid inventory a small amount before the velocity
dropped too low to effectively shift the liquid.
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Eff diameter of flow 12"
area 2" (2.7% of
the flow area of 12"

2 ft/s

74 ft/s

Figure 5.1 Standing water in sag.
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Figure 5.2 Full line.

This problem was completely corrected by replacing the 12in (300
DN) line from the wellhead with a 6-in (150 DN) line from one casing
wing valve to a 30in X 10t (0.76 m X 3 m) separator; and a 4-in (100
DN) line from the other wing valve with a 3 in (75 DN) line from the tub-
ing wing valve both going to a second 30 in X 10 ft (0.76 m X 3 m) sep-
arator; and a 6in (150 DN) line from each separator to the compressor
suction header. This design reduced the flow area from the wellhead to the
separator by 58%, separation area by 78%, and the flow area from the sepa-
rator to the compressor by 50%. Huge reductions in flow area. The end
result was that wellhead pressure dropped from 86 psig (593 kPag) to 9 psig
(62 kPag), but the well would only yield 23 MMSCEF/day (651 kSCm/day).

This design allowed the operator to send the entire well down a single
line (6, 4, or 3 1in) to blow liquids from the line, but reduced gas produc-
tion. Further analysis suggested that the lower wellhead pressure had
impacted the flow efficiency of the wellbore tubulars and the near-wellbore
portion of the reservoir. Compressor suction was raised to 50 psig
(345 kPag), resulting in wellhead pressure increasing to 54 psig (372 kPag)
and the flow rate steadied out at 29.5 MMSCF/day (835 kSCm/day).



276 Practical Onshore Gas Field Engineering

Certainly, not every onshore gas well-site design always needs detailed
engineering analysis, but it is quite certain that never having this engineer-
ing analysis has resulted in many suboptimum outcomes.

§ 5.2 PIPING DESIGN CODE

The difference that engineering practices bring to well-site equip-
ment selection and construction is “an objective standard” to measure
the design against. Without this objective standard, there really is not
any way to determine if a design is fit for purpose. There is no way to
evaluate the design to see if it is strong enough or if it is too strong (and
therefore more expensive than it needs to be), to assess whether it is
adequate for the expected fluids or whether it is simply too large for the
expected fluids creating operational difficulties like the example given
earlier.

The well-site equipment ties into a gas gathering system that was
likely designed to the specifications of ASME B31.8 (Gas Transmission
and Distribution Piping Systems) (ASME B31.8), but that code explicitly
excludes: “802.12.f. wellhead assemblies, including control valves, flow
lines between wellhead and trap or separator, offshore platform production
facility piping, or casing and tubing in gas or oil wells (emphasis added).”
We could quibble and say that this exclusion does not include piping
from the separator to the gathering system, but then we still need a basis
for design of the piping from the wellhead to the separator. The only one
of the ASME B31 series that does not include this wellhead-to-separator
exclusion is ASME B31.3 (Gas Processing Plants) (ASME B31.3) which is
also labeled ISO 15649:2001 (petroleum and natural gas industries—
piping), many federal regulations around the world, many state/provincial
regulations, and many company standards include ASME B31.3 by
reference.

[t is common for company standards to have stricter requirements
than the code. For example, one company specifies that ASME B31.3
will be used for well-site construction, and that API 1104 (Standard for
Welding Pipelines and Related Facilities) will be used for welder qualifi-
cation—a fairly common combination. API 1104 specifies that each qual-
ification weld will be evaluated by nondestructive testing (NDT) or a
break test. This same company specifies that each weld will be evaluated
by NDT and a break test, it still meets or exceeds the standard.
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The hierarchy of code compliance is as follows:

* Apply the requirements of the standard.

* Add any additional requirements of regulations.

* Eliminate any standards requirements that are prohibited by regulations.

* Add any additional requirements of company standards (unless prohib-
ited by regulation).

* Eliminate any standards requirements that are prohibited by company
standards (unless required by regulations).

The area that this hierarchy is becoming increasingly important is
threaded connections. The code allows threaded connections (with some
very minor restrictions on their use). Regulations are typically silent on
threaded connections. Company standards have evolved over the last few
years to either prohibit threaded connections altogether or to limit the
size of acceptable fittings. Company standards do not undergo the exten-
sive vetting process that industry standards see and this prohibition is often
ambiguous. One company standard that had the statement “threaded con-
nections smaller than 2 in (50 DN) are allowed in nonvibrating service.”
The intent of the authors (I asked) was that 2 in and smaller threaded
connections would be allowed except on compressor skids. The actual
result was a significant increase in 1-1/2in piping in applications where
2 in would be more appropriate because of the significantly increased
availability and scope of 2 in fittings over 1-1/2 in fittings.

5.2.1 Pipe wall thickness
To calculate the minimum wall thickness, you need to calculate it twice:
— Pmawp ' ODpipe

2 (StableAl : EtableAlB W+ Pmaw) : Y)

134

(5.1)
Pmawp ’ (IDp[pe +2- tmrr)

- 2 (Stab/eAl “Eaprearp” W — Pmawp ’ (1 - Y))

13h

Table Al is in Appendix A and the title is “Basic Allowable Stresses
for Metals in Tension.” It has 48 pages of metal choices, but mostly we
use API 5L Grade B, X42, X60, or X70, and these grades are in the front
of the appendix.

Table A1B is also in Appendix A and the title is “Basic Quality
Factors for Longitudinal Weld Joints in Pipes, Tubes, and Fittings.” It is a
derate for pipe developed from plate and longitudinally welded. This
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derate is larger than the other B31 series codes apply to longitudinally
welded pipe.

“Y” is a derate factor for pipe metallurgy. For pipe with a wall thick-
ness less than OD/6, use the temperature-specific values from ASME
B31.3 Table 304.1.1. For thick walled pipe, “Y” is:

IDpipe +2- Leorr

+ IDP’P‘) +2- teorr

(.2)

Y =
ODpipe

“”’ in equation 5.1 is the “weld joint strength reduction factor.”
This table starts at 800°F (427°C) and goes up. Since temperatures that
high are largely unheard of on a well-site, the notes for the table point
you to W= 1.0.

The corrosion allowance (f.,,) is intended to be annual wastage of the
pipe times the number of years of expected service. It is almost never that
scientific. ASME B31.3 requires at least 3/64 in (1.2 mm), but many
companies require greater corrosion allowances for well-site piping. If
you pick a pipe size/schedule/grade you have a nominal wall thickness,
subtract the corrosion allowance from that nominal value and you can
calculate hoop stresses using Barlow’s formula (Eq. (5.3)):

_ Pyuee- OD

K pipe
S (5.3)
Pressure in Eq. (5.3) can be normal operating pressure, static test pres-
sure, or maximum allowable working pressure (MAWP also known as
maximum allowable operating pressure or MAOP); it is best to calculate
all three and ensure that they are within company limits. If company stan-
dards are silent, then compare Eq. (5.3) to the appropriate temperature
column in ASME B31.3 Table A.1. Note that there is a “Specified Min.
Strength” column in this table that you cannot use for anything in B31.3.
For example, API 5L Grade X42 has a specified minimum yield strength
(SMYS) of 42 ksi, but at any temperature below 300°C (672°F) the maxi-
mum design stress is 20 ksi. Company standards often specify a maximum
percent of minimum yield strength, and in this example you multiply the
company maximum times 42 ksi, not 20 ksi. If your company only allows
20% of minimum vyield strength at normal operating pressure, then any
value from Eq. (5.3) less than 8.4 ksi would satisfy company standards
while any value less than 20 ksi would satisty B31.3.
ASME B31.3 is a plant code, and every statement in the 386 page
document has several qualifiers and much branching logic. It only makes
sense to enter this document with a specific project in mind and follow
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all of the paths for that specific project—trying to read the document
from cover to cover is a very confusing task (and it is easy to get bogged
down in a once-in-a-millennium side branch).

5.2.2 Pipe wall thickness example
A well needs a line from the wellhead to the separator (Table 5.1). An
analysis of other wells in the field and company standards developed the
conditions given in Table 5.2. Selected extracts from the various ASME
B31.3 tables are given in Table 5.2, Table 5.3, and Table 5.4.

If you assume Schedule 80 Grade B pipe, then:

Pmawp : ODpipe

f3a =
2 (Slabk’Al “Eapesrs W+ Pmﬂwp ’ Y)
600 psi-10.75 in ,
= - - =0.187 in
2-(20000 psi-0.85-1.0 + 600 psi-0.4)
_ pmawp ’ (IDpipe +2- tcorr)
fap =
2 (Srabl('Al “Epears” W — Pmawp (1 - Y))
600 psi-(9.562 in + 2-0.187 in) ,
=0.179 in

~ 2-(20000 psi-0.85-1.0 — 600 psi-(1 — 0.4))

Use the larger value (0.187 in (4.751 mm)) for the minimum wall
thickness. This is considerably less than the nominal wall thickness of

Table 5.1 Pipe thickness example data

fps Both Sl
MAWP 600 psig 4140 kPag
Design temperature 100°F 37.8°C
Nominal pipe 10 in 250 DN
Type test Pneumatic
Test pressure 150% of MAWP
Corrosion allowance 3/16in 4.8 mm
Normal operating pressure 150 psig 1034 kPag

Table 5.2 Pipe schedules for example
oD ID t

Sched 20 10.750 in (273 mm) 10.250 in (260 mm) 0.250 in (6.35 mm)
Sched 40 (std) 10.750 in (273 mm) 10.020 in (255 mm) 0.365 in (9.27 mm)
Sched 60 (X) 10.750in (273 mm) 9.750in (248 mm)  0.500 in (12.70 mm)
Sched 80 10.750 in (273 mm) 9.562in (243 mm)  0.594 in (15.09 mm)
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Table 5.3 Extracts from table A1

Table A1 SMYS StableAl Max. temp before
(psig (MPag)) (psig (MPag)) derate (°F (°C))

API5L Gr B 35,000 (241) 20,000 (138) 400 (204)

API 5L X42 42,000 (290) 20,000 (138) 400 (204)

API 5L X60 60,000 (414) 25,000 (172) 400 (204)

API 5L X70 70,000 (483) 27,300 (188) 400 (204)

Table 5.4 Extracts from table A1B

Table A1B Description EtableAt1B

API 5L Seamless pipe 1.0

API 5L Electric resistance welded 0.85

API 5L Electric fusion welded pipe 0.95

API 5L Furnace butt welded pipe 0.95

Schedule 80 pipe (0.594 in (15.09 mm), but when you run the calcula-
tions with thinner walled pipe with our (very large) corrosion allowance,
the nominal pipe thickness is less than the required thickness.

Now we need to calculate stresses using Eq. (5.3) we see that at
MAWTP the hoop stress is 22.7% of SMYS, at test conditions it is 34.0%
of SMYS, and normal operating pressure it is 5.7% of SMYS.

5.3 PIPING SELECTION

The equations in the last section result in very safe piping, but com-
pany standards often go considerably further to specify that all well-site
piping must be at least Schedule 80, and pipe that is 2 in and smaller
must be Schedule 160. The source of these arbitrary limits seems to have
been lost in the murky past, but they are very common. It can be discon-
certing to calculate that the right pipe for a job is 2 in, but the inside
diameter of Schedule 160 is too small for the task and you need to step
up to 3 in Schedule 80 which is too big for the job (each step-up in stan-
dard pipe size has about twice the flow area of the next smaller standard
size). The only solution that I've found to this (seemingly) irrational
requirement is to use the 3 in and put in pigging valves to allow pigs
to be run from the wellhead to the separator or the separator to the outlet
meter.
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In addition to strength and safety considerations, when designing
well-site piping you need to think about:

*  When liquids accumulate in the lines, how will you get them out?
* If you decide to flow the casing, do you have enough pipe?
* How long do you expect the piping to last?

To address these issues it is useful to run multiple lines from the well-
head to the separator, and generally cross connect them so that you can
send either or both the tubing and/or the annulus down either line.
Address longevity issues by choosing reinforced thermoplastic (see
Chapter 6: Gas Gathering Systems) piping for the well-site instead of steel
when company standards allow it. Size piping to provide expected flow at
expected velocity of 11 ft/s (3.4 m/s) to 120 ft/s (36.6 m/s) using the
Duckler method from Chapter 4, Surface Engineering Concepts.

§ 5.4 PRODUCTION VESSELS

Production units on well-sites are a mixture of “separators” or
“scrubbers”; oriented horizontally or vertically; able to separate gas from
liquid (two phase) or able to separate the stream into gas, oil, and water
(three phase). All have their proponents and detractors for well-site use.

Both separators and scrubbers employ one or more of gravity settling,
centrifugal force, impingement, electrostatic precipitation, sonic precipita-
tion, filtration, absorption, adsorption, and thermal effects. For well-sites, we
tend to limit that list to gravity settling, centrifugal force, and impingement.

Liquid-storage vessels are common on many well-sites and they are
called “tanks” or “pits”” All are designed for atmospheric storage of
liquids and the only significant difference is that tanks are above grade
and pits are below grade. Production pits should not be confused with
the lined holes that are used during the drilling process, those earthen pits
are required to be cleaned up before the drilling process is completed.

5.4.1 Vessel design code

A rash of fatalities related to boiler explosions in the early days of man-
kind harvesting the power of steam led to the development in 1914 of
the ASME Boiler and Pressure Vessel Code (BPVC). This code defined
what did and did not constitute a “pressure vessel,” what components a
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pressure vessel had to include, how to determine acceptable pressure (at
what temperature) a vessel could contain, and fabrication and inspection
standards for building pressure vessels. Pressure vessels are covered in
Section VIII Division 1 (Rules for Construction of Pressure Vessels) of
this 28-volume document (Wikipedia, 1). The BPVC scope for
Section VIII Division 1 “provides requirements applicable to the design,
fabrication, inspection, testing, and certification of pressure vessels operat-
ing at either internal or external pressures exceeding 15 psig. Such pres-
sure vessels may be fired or unfired” (BPVC), but it does not include
piping not immediately associated with the pressure vessel.

The BPVC has been adopted in whole or in part by over 100 coun-
tries, all US states and territories, all Canadian provinces, and states, pro-
vinces, and municipalities of countries all over the world. There is some
confusion in our industry about the distinction between “Code” jurisdic-
tions and “Non-Code” jurisdictions. A “Non-Code State” does not
mean that industry is allowed to ignore the BPVC, far from it. “Non-
Code” status simply means that the state does not have an appointed
official called “Boiler Inspector” (or similar) and that the state (or munici-
pality) does not issue “inspection certificates” (or other de facto licenses)
on operating or new-construction pressure vessels. It should never be
taken as a license to ignore the BPVC. Even in those few jurisdictions
where the BPVC is not made part of regulations, failure to follow the
design requirements of the BPVC generally meets the standards of “gross
negligence” in civil proceedings which usually allow courts of law to
impose multiples of the actual damages a plaintiff incurs.

The BPVC definition of a “pressure vessel” is “a pressure-containing
device that is exposed to internal or external pressure in excess of 15 psig
and has an inside diameter, width, height, or cross-sectional diagonal
exceeding 6 in” (BPVC). This definition is quite broad and on its face
would include several million miles of piping. That is not the intention of
the BPVC, and they have published a large number of code cases that
together exclude a class of pressure-containing devices that can be classed
as “pipeline and pipeline accessories.” Something that satisfies all of the
following is excluded from the BPVC:

1. Can be described by a piping sketch or isometric drawing and refer-
enced piping specs.

2. Is not intended for storing or processing fluids. The exception is items
such as mixers, tees, headers, metering devices, or other items that are
typically recognized as piping components.
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3. Its primary function is to transport liquids and gases from one location
to another within a piping system of which it is an integral part.

4. It is not intended to act as an air receiver.

5. The item will not be subjected to more frequent test and inspection
intervals than the remainder of the attached system.

ASME B31.8 (Section 831.35(d), Special Components Fabricated by
Welding) formalizes this some by saying [emphasis added] “Prefabricated
units, other than regularly manufactured butt welding fittings, that employ plate
and longitudinal seams as contrasted with pipe that has been produced and tested
under one of the specifications listed in this Code, shall be designed, constructed,
and tested under the requirements of the BPV Code.” B31.8 clearly draws
the line at rolled plate with longitudinal welds as opposed to “pipe”
(including electric resistance welded and other piping fabricated by the
manufacturer from plate to an included specification) and butt weld fittings.

A BPVC “pressure vessel” must have a “U-Stamp” with very definite
information permanently affixed to a nameplate so that an auditor can go
back to a set of documents that describe the design limits, metallurgy,
welding procedures, types of NDT performed and their results, and
inspector’s certification of the required documents. If you modify a pres-
sure vessel, then you have another set of requirements that result in an
“R-Stamp” that must also be permanently affixed to the vessel.

Well-site equipment will either be “pipe” or “vessels.” Silly games like
making a fuel-gas scrubber out of 6in (DN 150) Schedule 80 with
5.761 in (146.3 mm) ID to avoid having to affix a U-Stamp to the scrub-
ber are within the letter of the law, but in the end it is better to design
the vessel to meet the design conditions and if the ID is bigger than 6 in
(152.4 mm) build it in a code shop to the BPVC, it is better to have a
vessel that meets design conditions than one that skirts the BPVC.

5.4.2 Separator selection

A “separator” must have all of:

1. the ability to separate gases from liquids,

2. sufficient liquid capacity to handle expected surges in liquid,

3. sufficient height to allow droplets to settle out via gravity,

4. a means of reducing turbulence in the main body of the separator so
that proper settling can occur,

13,1

a mist extractor to capture droplets too small to settle via gravity,

e

proper liquid-level controls.



284 Practical Onshore Gas Field Engineering

A “scrubber” is a separator that is missing one or more of the list
above. It is common for scrubbers to lack (#2) adequate liquid holding
capacity; (#5) a mist extractor; and/or (#6) liquid-level controls. There
are people who prefer scrubbers for well-sites, but I have been unable to
follow their arguments which seem to me to be based solely on costs, not
on the vessel’s ability to facilitate reservoir performance.

There are large numbers of both vertical and horizontal separators
around the world. Horizontal vessels have historically been the clear win-
ner because they can tolerate higher maximum velocity (see later) and
their ability to further separate oil or condensate from water is far super-
ior to vertical vessels. If you can ignore evaporation, you would nearly
always select horizontal vessels, but can you ignore evaporation?

At the gas/liquid interface point, liquid will evaporate until the gas in
contact with the surface is at 100% relative humidity (RH) for that pres-
sure and temperature. A horizontal vessel has a very large coherent gas/
liquid interface.

The pressure traverse in Table 5.5 shows that because of the large sur-
face area of liquid, the outlet of the unit will be 100% RH and about
37% more water (by mass) will pass out of the separator. If the separator
outlet pressure were 150 psig (1034 kPag), the gain would be a more tol-
erable 13%. The contact area of a vertical vessel is much smaller and a
much smaller proportion of the gas contacts the liquid surface so it is rare
for the gas stream out of a vertical vessel to be at 100% RH or even at a
measurably higher water vapor content than the inlet.

Because of water vapor inventory, my preference on dry-gas well-sites
(i.e., wells without the expectation of condensate) is vertical vessels. If
there is a significant potential for economic quantities of liquid hydrocar-
bons, a horizontal separator will recover more of that condensate and oil
than a vertical vessel will and is preferred.

Table 5.5 Horizontal separator re-saturation

Bottom-hole Separator inlet Separator outlet
Pressure 20 psig (138 kPag) 5 psig (34.4 kPag) 2 psig (13.8 kPag)
Temperature 180°F (82°C) 160°F (82°C) 160°F (82°C)
Water 11,728 Ibm/ 88% RH (same water 16,123 Ibm/
content MMSCF content as bottom- MMSCF
(187,900 mg/ hole) (258,300 mg/

SCm) SCm)
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It is starting to be common on wet shale wells to send the well to a
vertical, two-phase scrubber and dump the liquid into the low side of a
high-low producer (HLP) (see later). This configuration allows the high
side of the HLP to function normally without being flooded.

5.4.3 Separator sizing

The sizing calculations are the same for either horizontal or vertical
vessels.

5.4.3.1 Shell sizing

The vessel minimum ID is a function of maximum velocity:

_ 0.5
Vmax = Ks ' M (54>
pgas

The term K| is an empirical constant that is generally taken to be:
o Vertical vessels with mist extractor
<10 ft seam-to-seam — 0.18 ft/s
>10 ft seam-to-seam — 0.21 ft/s
> 10 ft seam-to-seam — 0.35 ft/s
* Horizontal vessel with mist extractor — 0.45 ft/s
For pressures above 150 psia K; is reduced (use a linear interpolation
from 150 psia = 0.9 X K to 1150 psi = 0.75 X K,).
Using the Duckler method from Chapter 4, Surface Engineering
Concepts, you can calculate p, (Eq. (4.24)) and qgsieanm (Eq. (4.25)) and
the minimum ID of the vessel becomes:

4 ulistream
ID i = <<—) : (—qf e >> (5.5)
Tr Vrnax

It is normal for Eq. (5.5) to result in a messy number, this number must
be rounded up to a nominal pipe size (even though virtually all pressure ves-
sels are made from postmanufacturer rolled plate and can be any size, the
end caps are forged in standard sizes). Now you need to check the sizing:

_ Qﬁtllstreatrr
Vshell =

Agpent

(5.6)
— A Pr
qdesignMSCF = Vshell * “Ashell
std
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If the queignmscr 15 greater than expected gas flow rate, then verify
that the Reynolds number is greater than 6000 (if it isn’t then drop the
vessel ID one pipe size and recalculate, the flow needs to be turbulent).

The shell design length is measured from the centerline of the float
connection to the bottom of the mist pad. This value should be four to
six times the ID of the shell. If the mist pad is outside the vessel and/or
the liquid dump is outside of the vessel (common with vertical separators
equipped with blow cases, see later) use seam-to-seam length.

5.4.3.2 Nozzle sizing

Nozzle sizing is more art than science and I've gotten more push-back
from vessel designers over specifying nozzle size than any other single
argument. This intractability seems to stem from their having learned this
skill by rote rather than understanding the underlying physics like they
tend to be able to do with shell sizing and mist extractor sizing. Many
vessel manufacturers have proprietary nozzle sizing algorithms, but I have
never been able to differentiate one manufacturer from another by the
performance of their nozzles. All of the designs eventually come down to
wanting p-v?> A 225-1bm/(ft*s*) which is a kind of funny choice of units
since that number works out to 0.049 psi. Minimum nozzle ID is:

0.5

0.5
4 Pk
IDnozz emin — ) "Qpullstream” \ 2= Tom 5.7
’ <<7r) Bl <225-}3—“S;> > 67

Round ID,,,-.iemin up to the next nominal pipe size.

5.4.3.3 Mist extractor

Droplets smaller than about 200 pm (0.2 mm (0.00078 in)) will not fall at
separator velocities, they must be coalesced into larger droplets that will
fall at separator velocity. We do this in a “mist pad” (Fig. 5.3). Mist pads
are generally either vane packs or wire mesh. There is not a lot of differ-
ence in the performance of the two options, vane packs come in discrete
sizes and wire mesh pads can be adapted for any size outlet plenum.

The outlet plenum is an important part of the mist pad design. Small
droplets need enough velocity to make changing directions difficult, but
not so much velocity that they can traverse the mist pad so fast that they
avoid most collisions. Optimum velocity is 5 ft/s (1.5 m/s). If you slow to
below 2 ft/s (0.91 m/s) the effectiveness drops by over 10%. Above 20 ft/
s (6 m/s) the effectiveness drops by about 5%. The target velocity that I
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use for design is 10 ft/s (3 m/s) since too fast has a smaller penalty than
too slow.

Fig. 5.4 shows the impact of getting the diameter of the mist pad
wrong. The vessel upstream of this reciprocating compressor had a mist
pad diameter equal to the vessel ID, velocity through the mist pad was
under 1 ft/s (0.305 m/s), and based on the mass of salt that accumulated
in the suction header of this compressor, the total unseparated liquid was

Figure 5.3 Separator mist pad.

Figure 5.4 Salted-up recip. Personal collection of Dejan Ivanovic.
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less than 1 L/day (1 qt/day), but was enough to render this compressor
unusable in less than 30 days. Velocity is straightforward:

_ Ginsef p gasStd
Vinist = T ’
B

4

(5.8)
P, gasActual

mist

Note that Eq. (5.8) uses gas parameters instead of full-flow parameters,
this is because of the assumption that the separator works and the remaining
mist s an insignificant portion of the total flow. Adjust the ID of the mist pad
until you reach your target velocity. With a wire mesh pad, you can roll the
plenum any size you want to since it doesn'’t attach to any manufactured fit-
tings. With a vane pack you have to restrict your design to standard pipe sizes.

Eq. (5.9) is used to determine the minimum distance from the top of
the mist pad to the entrance to the outlet nozzle.

IDnozzle
2

dtoNo;:;:le = IDmist - (5 9)

5.4.4 Typical designs

Virtually all production units are either vertical two-phase, horizontal
two-phase, horizontal three-phase, or combination units. Combination
units include the HLP (discussed in the next section), and “L-shaped”
units that include a vertical section for gas/liquid separation and a hori-
zontal section for oil/water separation.

5.4.4.1 High—Ilow producer

The most common production unit in conventional well-site use is a
compound unit that goes by several names, one of them is “HLP”” This
configuration (Fig. 5.5) has a “T-shaped” high-pressure two-phase vessel
(the “high side”) inset into a horizontal low-pressure unit (the “low
side”), but there are others. The high operating pressure of the high side
keeps evaporation to a minimum and the low operating pressure of the
low side enhances liquid—liquid separation.

The high side has a simple level float that opens or shuts to keep the
end of the outlet stinger submerged in liquid (to keep high-pressure gas
from entering the low side). The low side is a bit more interesting. Fluids
enter the liquid end of the vessel and lighter fluids tend to float to the top
of the body of liquid. As liquids accumulate in the liquid section, the oil
will eventually skim over the “oil weir” into the oil section. The height
of the “weir nipple” is calculated to provide a neutral monometer effect
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Raw well fluid Gas out

e

Weir

Oil weir nipple

—

Low pressure section
(approx, 15 psig)

Figure 5.5 HLP separator.

with just water in the right-hand leg and a mixture of water and conden-
sate in the liquid section up to the oil weir. The “weir nipple” will always
be shorter than the “oil weir”” Both the oil section and the water section
have a simple level controller and a dump valve.

Effectiveness of the (small) top section falls off rapidly as pressures
decline below 145 psig (1000 kPag). People operate them down to
60 psig (414 kPag), but generally notice significant decrease in gas pro-
duction, and a significant increase in tank outgassing,

There are two other common configurations that are hydraulically
similar to an HLP and are noteworthy: vertical high side and integral pre-
scrubber. The vertical high-side unit goes by many names, but the basic
design has the high-pressure gas section rising vertically from the liquid
boot and everything else the same as shown in Fig. 5.5.

The integral pre-scrubber version (also known as a “compressor
dome”) has an additional low pressure, short, vertical vessel let into the
low side. In this configuration, a low-pressure wellhead is piped into the
prescrubber and then to a compressor suction, liquids are dumped into
the low side. The compressor discharge returns to the high side.

5.4.4.2 Horizontal
If you add a raw gas inlet and a gas outlet to the low side of Fig. 5.5 you
have a three-phase horizontal separator. If you either remove the liquid
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boot or set the level control for liquids in the horizontal shell of the
high-side vessel, you have a two-phase horizontal separator (after you've
adjusted the size to accommodate expected fluids at the expected
pressures).

Two-phase horizontal separators are located at well-sites around the
world in very large numbers. At high pressures they are able to do a better
job with a smaller ID. At lower pressures, evaporation is such a big issue,
and the coherent gas/liquid interface is so large that these units often put
more water into the gathering system (as water vapor) than a similar size
vertical scrubber without a mist extractor (and a similar size vertical sepa-
rator will do a much better job).

5.4.4.3 Vertical

Two-phase vertical separators (top vessel in Fig. 5.6) rely on a change in
direction of the incoming fluids (gas can change direction easier than
liquids can and the initial direction change results in a significant number

Raw
well stream

Equalizing line

Pneumatic
three-Way valve

Power
gas In

Liquid out
—_—

Figure 5.6 Vertical two-phase separator with blow case.
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of droplet collisions) and a velocity change in the bulk vessel to separate
gases and liquids. Normally, the bottom section of the vessel is used for
liquid accumulation with appropriate level control and liquid-removal
components located in that section. The vessel in Fig. 5.6 drains the
accumulated liquid directly into an integral “blow case” (see
Section 5.4.4.5) with the level controls and liquid removal relocated to
the blow case.

Fig. 5.6 separator also has a unique innovation called a “top-hat diver-
ter and tangential inlet.” This combination acts as a “vortex tube” to cool
the gas and warm the liquid. Vortex tubes are a unique bit of fluid
mechanics that accept a warm fluid and split it into a hot fluid and a cold
fluid without violating the Second Law of Thermodynamics (using
Clausius statement the Second Law is “heat can never pass from a colder
to a warmer body without some other change, connected therewith,
occurring at the same time” (Wikipedia, 2)) by having an outlet stream
that is warmer than the inlet stream (vortex tubes work because of the
Law of Conservation of Momentum which requires the transfer of heat
from two rotating streams in contact from the cold stream to the hot
stream). The top-hat diverter units have been observed to lower the gas
outlet temperature by up to 20°F (11°C) which lowers the outlet water
content of gas that started at 80°F (26.7°C) and 20 psig (138 kPag) and
exited the separator at 15 psig (103 kPag) at 60°F (15.6°C) from 1616 lbm/
MMSCF (25890 mg/SCm) to 819 Ibm/MMSCF (13120 mg/SCm)
keeping 95 gallons/MMSCEF (12.8 L/kSCm) of water out of the gathering
system. Not all top-hat diverter separators provide this kind of temperature
drop, but even if it is zero, the angular velocity in the annulus provides
significant separation benefits.

Three-phase vertical separators use a displacer (often incorrectly called
a “float”) that is buoyant in water but not buoyant in oil so it floats on
the oil/water interface. They have a second displacer of different material
higher in the vessel that is buoyant in oil. The water-level controller is
generally “continuous” (see Section 5.6.1) while the oil-level controller is
usually “intermittent.” These units work best when the process tempera-
ture is tightly controlled, and the inflow is maintained in a narrow range.
In well-site use, nothing is ever tightly controlled and it is common for
three-phase vertical separator to be converted to two-phase by changing
the bottom displacer to one that is buoyant in oil (and the controller is
usually converted to “intermittent”). These modifications are rarely done
with the knowledge and approval of engineering staff.
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5.4.4.4 Heated vs nonheated

It is common for the process of separation to be enhanced through some
level of temperature control. For example, separators tend to work better
if the water hasn’t frozen and paraftin has not solidified. Some hydrocar-
bon liquids have a significant change in density with changes in tempera-
ture, often a much greater range than the change water density for the
same change in temperature, so as you cool the liquid stream the density
of the phases gets closer together and the tendency for the phases to strat-
ify via gravity becomes weaker (i.e., it starts taking longer to happen, it
still stratifies, but possibly not within the “liquid section” rather it hap-
pens in the “water section” of a three-phase separator). Adding heat can
prevent freezing and paraffin formation, and can keep the hydrocarbon
liquids as light as possible.

Burners on separators are called “fire tubes” which are actual pipes
(called “burner tubes,” often thin walled, but not always) rated for the
external pressure applied by the vessel MAWP and include gas-fired bur-
ners in an open chamber protected by “flame arrestors” (Fig. 5.7) which
are devices that act to remove the heat from a flame as it attempts to
travel down narrow passages. The design of flame arrestors varies consid-
erably from manufacturer to manufacturer and can either be classed as
“flame arrestors” (typically installed with the unprotected side open to
atmosphere) or “detonation arrestors” (typically installed in a line some
distance from the end, Fig. 5.7). In either case these devices are intended
to pass the thermal mass of a flame front to the physical mass of the arres-
tor which implies many small flow paths with a large surface-area per
unit volume of flow. The multitude of small channels have an impact of
differential pressure across the arrestor and care must be taken when spec-
ifying arrestor technology to ensure that there is adequate dP available sat-
isfy the required flow rate of the arrestor.

Flame arrester element
disperses and quenches flame front

-

Protected ~ o Unprotected
side side

Figure 5.7 Flame arrestor.
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“Indirect-fired” heaters connect a body of liquid (called a “water
bath” in spite of the liquid rarely being water) to the pressure vessel wall
and place the burner tube in the water bath. Since the water bath is at
atmospheric pressure, the MAWP of the pressure vessel is not a factor in
the wall thickness of the burner tube, and the tubes are much thinner
walled. The burner heats the water bath and this energy is transmitted to
the pressure vessel through the walls of the pressure vessel. This low-
intensity heat source is adequate for freeze prevention, but not much else.

“Direct-fired” heaters have the burner tube within the pressure vessel
and can apply very high heat directly to the process fluid. Much like plac-
ing an empty pot on a household range will quickly burn through the
pot, if the burner in a direct-fired heater is not submerged in process lig-
uid it will fail fairly rapidly and quite explosively. Direct-fired heaters are
almost never used in vertical vessels and when they are used in horizontal
units there are measures taken to maintain a higher liquid level than in
unfired vessels such as setting the level control higher in the vessel and/or
making the oil weir and weir nipple higher than in unfired vessels.

The low side of an HLP often has direct-fired heater elements to aid
in separation and resist freezing. Typically direct-fired separators are called
“heater-treater units” in oil fields, but gas fields have resisted that termi-
nology. These units have a fire tube in the low side in direct contact with
the produced liquids. With the liquids-rich shale plays like the Baaken
and Eagle Ford, these heater-treater configured HLP units are very com-
mon (trying to keep paraffin mobile). Some of the liquids-rich wells put
an unfired two-phase vertical scrubber in front of the HLP with the gas
outlet of the vertical unit going to the high side of the HLP and the
liquids dump going to the low side of the HLP.

5.4.4.5 Blow case

As wellhead pressures inevitably come down, the ability of a separator to
move liquid is reduced. For example, if a separator is running at 5 psig
(34.5 kPag), and is dumping into the top of a 400 bbl tank (i.e., 12 ft
DX20H (64m>, 3.7m DX 6.1 m H) it has to overcome nearly 9 psi
(62 kPa) of hydrostatic head, but only has 5 psig to accomplish that task.
When the dump valve opens, absolutely nothing will transfer from the
separator to the tank. The most common solution to this ubiquitous
problem is a “blow case”” The bottom vessel in Fig. 5.6 is a blow case
designed as an integral component of a vertical production unit. In this
case, liquid drains from the vertical separator through a nonreturn (check)
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valve into the blow case. When the blow case is full, the “pneumatic
three-way valve” repositions and the “power gas” (typically gas from the
discharge of a well-site compressor) is directed into the blow case, shut-
ting the check valve between the vessel and the blow case and increasing
the pressure in the blow case. The “liquid outlet” valve (i.e., “dump
valve”) opens and the pressure in the blow case moves the liquid to its
disposal location. It is common for the three-way valve to be replaced by
a pair of independent control valves. Arguments for either design have
merit, but it seems to be easier for people to visualize how the blow case
performs using a three-way valve.

Commercial blow cases are readily available for accumulating envi-
ronmental drains on process skids. These units are all in a horizontal
configuration which requires a larger volume of gas for a given volume
of liquid, but allows a very low profile (i.e., you don’t have to bury
them as deep for a skid drain). The design for a vertical blow case is
easy to accomplish and they tend to be able to move a larger volume
(due to the smaller liquid surface). The capacity of a blow case is made
up of two components: (1) the volume shifted every cycle and (2) the
length of time required for a cycle. The volume per cycle is easy to cal-
culate as the difference between the start-of-cycle liquid height and the
end-of-cycle liquid height.

The length of time required for each cycle is made up of four compo-
nents: (1) time to reposition the three-way valve and pressurize the vessel;
(2) time to open the dump valve and empty the liquid; (3) time to shut
the dump valve and reposition the three-way valve; and (4) time to equal-
ize pressure so the check valve can open. The first three components are
reasonably quick and rarely are the controlling factor in overall capacity.
The last one is crucial. Let’s say that power gas pressure is 100 psig
(690 kPag) and the vessel is at 5 psig (34.5 kPag). The “choked flow”
arithmetic we talked about in the last chapter says that this process must
be choked at some point, but where? At the three-way valve? That would
require sonic velocity all the way down the equalizing line, which is not
possible. At the intersection with the gas outlet line? Very possibly, but
the flow from the blow case to the end of the equalizing line is anything
but simple. If we assume that the location of the transitional standing
wave (and therefore the choke point) is at the outlet line, then we can
determine an initial mass flow rate (using the minimum upstream pressure
for choked flow into 5 psig to calculate density). Iterate that mass flow
rate every 1/10 second and you can get acceptably close to the required
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time to equalize the blow case. For pipe that is 1in (25 DN) and larger
this period is very short and not a major factor in the capacity of the
blow case. Many compressor packagers use 1/8in (3.1 mm) lines for
equalizing and forego the three-way valve (accepting that the loss of
power gas during the dump cycle is largely insignificant). This has a sig-
nificant impact on the capacity of a blow case to move liquids.

The blow case in Fig. 5.6 is 24 in (600 DN) ID, and the level control-
ler is 6 in (152 mm) from the weld seam on the top elliptical head (2.6 ft’
(0.074 m’) combined volume). When the level controller has been satis-
fied, the volume filled with gas is 4.2 ft> (0.119 m’). Using the 100 psig
power gas and 5 psig separator pressure above, an equalizing event must
transfer 1.34 Ibm (0.609 kg) of gas from the blow case to the separator
outlet before the check valve will open. The fixed time to reposition
valves, pressurize the blow case, dump the liquid, and reposition the
valves is 14 seconds for all three cases in Table 5.6. The blow case in
Fig. 5.6 dumps 11.75 gal/cycle (44.5 L/cycle).

Most compressor suction-scrubber installations will see much less lig-
uid than 85 bbl/day (13.58 m’), but the flow rate is never very steady. It
is not at all uncommon for a well making 10 bbl/day (1.59 m”) of liquid
to make that volume in three to five distinct flow events per day, each less
than 60 seconds in duration. Flowing 2 bbl (0.318 m”) of liquid in 60 sec-
onds is an instantaneous flow rate of 2880 bbl/day (458 m®) which fre-
quently results in a suction-scrubber high level kill on the compressor.
Eliminating the cost of the three-way valve on compressor skids is a false
economy.

The volume of liquid transferred every cycle of the blow case is con-
stant. Inflow during the dump cycle is stopped by the power gas pressure
holding the check valve between the separator and the blow case shut.
This means that very accurate and repeatable volume flow rates can be

Table 5.6 Blow case capacity example

2 in Equalizer

1 in Equalizer

0.125 in Equalizer

(50 DN) (25 DN) (3.2 mm)
Initial mass flow 3.2 Ibm/s 0.755 Ibm/s 0.012 Ibm/s
rate (1.37 kg/s) (343 gm/s) (5.3 gm/s)
Equalize time < 1s 5s 275s
Cycles/day 9600 6646 305
Volume/day 2686 bbl 1859 bbl (296 m®) 85 bbl (13.58 m?)

(427 m’)
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calculated by simply counting the change in state of the liquid outlet
valve or the power gas three-way valve.

5.4.5 Wells with downhole pumps

An alternative to blow cases that makes the separator irrelevant to liquid
transfer is to take advantage of the energy of downhole pumps to transfer
liquid directly. In Section 3.4.3 we saw that pumping up the tubing while
flowing up the annulus resulted in nearly all of the liquid falling out of
the gas as it moved up the annulus, so the gas arrives at the separator
about as dry as you are going to get it without chemical or thermody-
namic dehydration. On the other hand there is only a small amount of
gas in the pumped liquid. What we typically do with these two single-
phase streams is recombine them at the wellhead and then separate them
again in the production unit. Not terribly effective, especially since there
is no connection between the pressure that the reservoir needs to maxi-
mize production and the pressure the pump needs to maximize pump
efficiency.

If we abandon the idea that all well streams must go through a pro-
duction unit, then we can pump directly into a tank or water gathering
system and flow directly into gas sales, eliminating most surface
equipment.

With zero gas in a pump, moving 20 bbl/day (1.59 m’/day) from
3000 ft (914 m) into 5 psig (34.5 kPag) requires 0.548 hp (0.409 kW).
Raising the tubing-head pressure to 300 psig (2068 kPag) increases the
energy required to 0.674 hp (0.502 kW). Since it is rare to have a
motor on or in a well that is less than 5hp (3.72kW) and 25 hp
(18.6 kW) motors are common, this change is usually trivial. Adding
backpressure also significantly improves the performance of downhole
pumps in real service (i.e., with some amount of gas in the pumped
stream). In order to maintain 300 psig (2068 kPag) upstream of a back-
pressure valve, it is immaterial if the downstream pressure is atmo-
spheric, 5 psig (34.5 kPag), or 299 psig (2062 kPag). Pumping directly
into a water gathering system is simply using energy that would other-
wise be wasted across a backpressure valve, while saving the cost of
transfer pumps and tanks.

Some amount of free gas will always accompany liquids into down-
hole pumps. Experiments show that pumped gas ranges from a minimum
of 6 MSCF/day (170 SCm/day) to 245 MSCF/day (6.9 kSCm/day) with
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an average around 30 MSCF/day (850 SCm/day). This gas is certainly a
nuisance in a water collection system and can create localized problems
with explosive atmospheres in and around tanks. The conventional way
to remove this gas comes from the irrigation industry and the equipment
is designed to discard the gas (generally air in the irrigation industry) to
atmosphere at low pressure. These float-operated devices nearly always
carry some amount of liquid with the exhausted gas and have been a sig-
nificant source of corrosion in aboveground piping and piping in under-
ground vaults.

With gas prices around $3 USD/MSCF ($0.106 USD/SCm) the
amount of gas discarded in the water system or tank could be the differ-
ence between profit and loss for many low-rate wells. Recovering this gas
could be the difference between gas sales and plugging the well. Fig. 5.8
shows a device that has been very effective at removing the gas from a
pumped liquid stream while retaining enough pressure to allow the gas to
go to gas sales without added compression.

5.4.6 Liquid-storage vessels

Liquid-storage vessels are either “tanks” (above grade) or “pits” (set below
grade). They can be made of steel, plastic, or fiberglass. Steel tanks have
dimensions specified in “API 12F: Specification of Shop Welded Tanks
for Storage of Production Liquids,” glass-reinforced plastic (GRP) tanks

water.Velocity
waterstream
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liquid velocity

2.400e+000

1,600+000
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Figure 5.8 GasBuster (US Patent 8,439,999, AU Patent 2013302601).
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Table 5.7 API 12F tank dimensions

Nominal Working Diameter Height Design Design
size capacity press vacuum
90 72 bbl 7f, 11in 10 ft 1 psig 0.064 in Hg
11.45 m’ 2410 mm 3050 mm 6.9 kPag — 2.2 mbarg
100 79 bbl 9.5 8 ft
12.56 m’ 2900 mm 2440 mm
150 129 bbl 9ft, 6in 12 ft
20.5 m’ 2900 mm 3660 mm
200 166 bbl 12 ft 10 ft
26.4 m’ 3660 mm 3050 mm
210 200 bbl 10 ft 15 ft
31.8m’ 3050 mm 4570 mm
250 224 bbl 11 ft 15 ft
35.6 m’ 3350 mm 4570 mm
300 266 bbl 12 ft 15 ft
423 m’ 3660 mm 4570 mm
400 366 bbl 12 ft 20 ft
58.2 m’ 3660 mm 6100 mm
Skinny 500 466 bbl 12 ft 25 ft
74.1 m> 3660 mm 7620 mm
Short 500 479 bbl 15.5 ft 16 ft 0.5 psig 0.032 in Hg
76.2 m’ 4720 mm 4880 mm 3.45 kPag  — 1.1 mbarg
750 746 bbl 15.5 ft 24 ft
118.6 m’ 4720 mm 7320 mm

are specified in “API 12P: Specification for Fiberglass Reinforced Plastic
Tanks.” These standards have a very specific and limited list of tank sizes
(the tank sizes for API 12F are in Table 5.7, sizes for API 12P are slightly
different). For tanks of other sizes we use “API 650: Welded Tanks for
Oil Storage” for design standards.

The code has specific equations for calculating required wall thickness;
depending on required corrosion allowance the wall thickness, typically API
12F tanks, have a wall thickness of either 3/16 or 4 in (4.76 or 6.35 mm).

We will discuss valves and valve technology in the next chapter, but
“tank ball valves” are an important topic to discuss along with tanks.
A Dball valve has a ball with a hole drilled through the center. When the
bore is aligned with the axis of the pipe centerline, the valve allows fluid
to flow. When the bore is normal to the axis of the pipe centerline it
shuts flow oft. Shutting the valve while flowing liquids traps a volume of
liquid in the bore. Temperatures below freezing can turn this trapped
water into a block of ice, increasing the volume it needs to occupy by
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about 8.3%. That small volume increase can create extreme pressure
increases that can cause the valve body to fail—often emptying the tank
onto the ground. To prevent trapping this volume of liquid, there are
valves available with the tank side of the ball drilled through to the bore.
In this configuration, freezing temperatures tend to push an ice block
back into the tank instead of simply breaking the valve.

Tanks specified by the API 12 series can either be heated or unheated,
and heated tanks are direct fired. Below-grade API 12 series tanks have
evolved over time. When we first started setting them to accept environ-
mental drains and other low-pressure sources, we backfilled the hole to help
with freeze protection. Environmental considerations caused this to evolve
away from API 12 series tanks by requiring double wall, double bottom,
shorter tanks that could be checked for primary fluid containment. This
further evolved to prohibit backfilling against buried tanks at all (which
reduces the freeze protection significantly and raised the risk that the hole
would fill up with water and float the tank like a battleship). Evolution con-
tinued further to cause many companies to ban buried API 12 tanks alto-
gether. This ban has led those companies to either use blow cases on
environmental drains (rare) or elevate well-site equipment (expensive).

GRP tanks have had a reputation on well-sites of accumulating static
electricity which can create a hot enough spark to ignite any flammable
vapors in the tank. This has been a major problem that can be solved by
following manufacturer’s and API 12P grounding instructions, but there
have been many field installations over the years that have failed to pro-
vide adequate grounding. GRP tanks can be a good choice if properly
installed and grounded.

The API specifications call out particular locations for truck loading,
drain/sampling, and fill connections, but the end user has the ability to
connect the piping in any way that he wants. You occasionally see a tank
with the fill line tied into the drain/sampling connection. This can be a
very bad idea since an upset like a separator dump-valve hanging open
can blow the contents of a tank out of tank vents. The fill connection
should always terminate in the vapor space of the tank to prevent an upset
from disturbing the tank contents.

5.4.7 Vapor recovery units

There is always some amount of gas accompanying any reservoir liquid to
surface. At the low end, gas dissolved in water is a very small quantity.
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Entrained gas can be a significant quantity, especially in hydrocarbon
liquids. If we don’t extract that gas prior to putting it into a tank, then
the tank will outgas to atmosphere. The industry would much rather cap-
ture that gas for sale than to vent it to atmosphere if there was a commer-
cial or environmental incentive to recover it. The economics of
recovering methane from a tank tend to be poor. Arguments by environ-
mentalists that there is a strong environmental reason to recover methane
tend to be self-serving nonsense that has been accepted by regulators
without question. Sometimes regulations that carry zero scientific basis
force actions like vapor recovery of methane from tanks, which is unfor-
tunate but apparently unavoidable. On the other hand, some of the con-
stituents of the outgassing of condensate streams are real pollutants that
should not be released to the atmosphere. For example, BTEX (i.e., ben-
zene, toluene, ethylbenzene, and xylene) are all carcinogens that cause
both acute and chronic health problems when ingested (the exposure
limit for benzene for employees in the United States is 1 mg/L of air for
8 hours or 5mg/L of air for 15 minutes). Capturing these naturally
occurring substances is a good thing.

“Live oil” vs “dead oil” is an indication of the amount of gas that will
boil off of the oil at stock-tank conditions. The boiling point of iso-
Pentane is 82.1°F (27.8°C). You can put iso-Pentane into a tank as a lig-
uid at 70°F (21.1°C) and it will be a liquid. If a tank heater or the sun
shining on the tank raises the temperature by 13°F (7.2°C), then the iso-
Pentane will boil off. Normal butane has a boiling point at atmospheric
pressure of 31.1°F (—0.5°C). If you raise the pressure to 32 psia
(221 kPaa), the boiling point increases to 70°F (21.1°C). Putting 35 psia
(241 kPaa) butane into an oil tank will lead to the butane boiling off.
A “dead o0il” will not have any components that pass their boiling point
at storage conditions. The goal of vapor recovery is to provide dead oil to
transport mechanism without releasing the vapors to atmosphere.

Equipment to recover the gases that are not stable in a liquid stream is
lumped into a class of equipment called vapor recovery units (VRU).
This equipment is often a system of components that include some sort
of settling or vapor extraction and vapor collection. At its simplest, a
VRU system includes sealing a tank to prevent air inflow and pulling the
vapors off the tank with some sort of compression equipment. At the
other end of the spectrum is a heated pressure vessel rated for vacuum
service that is maintained at a low pressure and high temperature to force
volatile gases out of the liquid before putting the resulting dead oil into
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the stock tanks. These units are the most expensive and the most

effective.

Tank-based VRU are a very sensitive balancing act. A tank built to
API specifications is a reasonably delicate structure. For example, take a
300 bbl (48 m’) tank which has a diameter of 12 ft (3.7 m). Putting 5 psig
(34.5 kPag) in the tank results in an up force on the lid of 81,400 Ibf
(362 kIN)—eight times the up force allowed by API 12E A small upset in
the gas-extraction equipment can cause the lid of the tank to be explo-
sively relocated into an adjacent field (usually to decapitate a rare pregnant
racing steer and his yearling calf). At the other end of the pressure spec-
trum, a small overcompression can put similar forces working toward col-
lapsing the tank. Well-site storage tanks are so sensitive to vacuum that it
is reasonably common for painter’s tape over the vents to create an envi-
ronment where simply pumping liquids out of the tank will cause the
tank to collapse. Further, a slight vacuum on the tank will cause the vents
to ingest air which reduces the commercial value of the extracted vapors.
These vacuum problems generally drive operators to maintain a slight
positive pressure (on the order of 5 in of water (12.4 mbarg)) and an ele-
vated temperature (usually at least 20°F (11.1°C) higher than ambient).

Pressure-vessel-based VRU have much more ability to operate away
from local atmospheric pressure, but they still must have a means to get
the liquid into the storage tanks. Common methods of accomplishing this
liquid transfer are as follows:

* Maintain the pressure vessel at a high enough pressure to allow liquid
to dump into the storage tanks. Unless you also maintain the tempera-
ture of the pressure vessel at a high value (i.e., on the order of 100°F
(56°C) above storage tank temperature) this method results in the
most gas in the tanks.

* Maintain a vacuum on a pressure vessel and install a pump. This
option 1s the most obvious, but it has the problem that most pumps
tend to introduce high shear forces on the liquid which can result in
emulsifying the oil and lowering its value.

* Use a blow case on the pressure vessel (under vacuum). This option
works fine, but many operators are concerned that the gas used for
motive force will show up in their tanks. It won’t, but that is the
concern.

*  Use a tall vertical vessel (under vacuum) that maintains a liquid level
above the top of the storage tanks. This is the most effective opera-
tionally, but these very tall vessels are very expensive and adding heat
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requires more equipment (e.g., an external heat exchanger and coils

within the pressure vessel to transport heat-exchange liquid).

The other part of a VRU is the vapor collection. This is generally
done with some sort of compression (see Chapter 8: Gas Compression).
The most common units that we see on well-sites are:

* Oil-flooded screw compressors. These units are generally limited by
designers to about 12 compression ratios, so with 10 psia (69 kPaa)
suction, you can’t reach much higher discharge pressures than 120 psia
(827 kPaa). Since these units have compressor oil in contact with a
high BTU gas, care must be taken in the selection of the compressor
oil to make sure that it expected gases are compatible with the oil.

*  Multistage reciprocating compressors. These units are limited by phys-
ical conditions to about four compression ratios per stage. A three-
stage machine can do 4° =64 ratios and can take 10 psia (69 kPaa)
suction to 640 psia (4.4 MPaa) discharge. These units are common,
but keeping the stages balanced with changing suction temperature
from day to night is often more effort than the field is able to commit
and these machines are very prone to failure in second and third stage
rods and valves.

* Thermocompressors. There are a number of commercial VRU that
use an ejector (see Chapter 3: Well Dynamics and Chapter 8: Gas
Compression) to perform the first stage of compression to allow a
two-stage recip to start at (say) 20 psia (138 kPaa) and discharge at
320 psia (2.2 MPaa) with considerably fewer mechanical issues than a
three-stage recip.

VRU can extract a very high energy-content gas from the liquids.
Methane has an energy content of 909 BTU/SCF (33.88 MJ/SCm). It is
common for tank vapors to have an energy content over 1500 BTU/SCF
(55.89 MJ/SCm). Since natural gas is sold based on energy content,
whenever the sales gas is analyzed it is in the operator’s interest to ensure
that the VRU is operating. If this high-energy gas is offline when the
sample for the next quarter (or even year) is taken then the operator is
giving a significant value to the gatherer without compensation.

It is normal for a significant amount of the vapors extracted in the
VRU to condense to liquids in the gathering system due to cooling and
normal pressure drop across the system. These liquids create operational
difficulties (e.g., the only way to remove them is to pig the line), but if
they can be successtully transported into a processing plant they have con-
siderable value.
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§ 5.5 PRESSURE SAFETY DEVICES

The BPVC requires pressure safety devices (PSD) on pressure vessels
under most scenarios. That word, “scenario” is very important to the under-
standing of PSD requirements. If you have a pressure vessel rated for 1 mil-
lion psig (6900 MPag), and your most energetic pressure source is 100 psig
(690 kPag) then you can apply engineering judgment and say that there is no
need “in this scenario” to provide PSD, but there may be things that can
happen (i.e., other scenarios) that do put the vessel at risk and require PSD.

The BPVC has generic PSD requirements that must of necessity apply to
every industry. For Oil & Gas the API has published API 521, Sixth Edition,
2014 (earlier editions were dual stamped with an ISO code, but this release
aggressively removes references to ISO). This standard draws heavily on the
BPVC, but is specific to Oil & Gas. The scope of API 521 requires that you
evaluate any vessel is built to a pressure vessel code for overpressure protection.

For the most part API 521 only applies to things designated by code
as “pressure vessels.” API 521 looks to piping design codes (e.g., ASME
B31.8 for gas piping) for pipelines and pipeline accessories. There are
some notable devices that API 521 would exempt from an API 521 analy-
sis that regulations have specified must be considered for PSD protection.
The most common regulatory add-on is that in many jurisdictions, pig
launchers and receivers must be evaluated for overpressure protection.
Because of the potential for a launcher or receiver to be isolated while
liquid full, this is a quite reasonable requirement.

5.5.1 Credible scenarios

The API and ASME started moving away from “equipment-based sizing”
to “system-based sizing” in about 1997. Equipment-based sizing looked
at the size of a vessel and designated a relieving capacity based on that
vessel size without considering what inflow rates were possible for a given
location or service. Equipment-based sizing often resulted in overpressure
protection that was significantly oversized.

System-based sizing is based on the capacities of the system where the
vessel is installed. It looks at what can credibly happen and the volume
requirement if that thing does in fact happen. API 521 lists 17 major cate-
gories that need consideration:

1. Closed outlets
2. Cooling-water failure to condenser
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Top-tower reflux failure
Sidestream reflux failure

Lean-oil failure to absorber
Accumulation of noncondensables

Nk

Entrance of highly volatile material
a. Water into hot oil

b. Light hydrocarbons into hot oil
Overfilling

9. Failure of automatic controls

®

a. Inlet control devices and bypasses

b. Outlet control devices

c. Fail-stationary valves

d. Choke valves
10. Abnormal process heat or vapor

a. Abnormal process heat input

b. Inadvertent valve opening

c. Check valve failure
11. Internal explosions or transient pressure surges (e.g., water, steam, or

condensate hammer)
12. Chemical reaction
13. Hydraulic expansion

a. Cold-fluid shut-in

b. Lines outside process area shut-in
14. Exterior fire
15. Heat transfer equipment failure

a. Heat-exchange tube rupture

b. Double pipe

c. Plate and frame
16. Power failure (steam, electric, or other)

a. Fractionators

b. Reactors

c. Air-cooled exchangers

d. Surge vessels
17. Maintenance

Many of these categories are never credible on a well-site (e.g., #3

Top tower reflux failure), some of them are always credible (e.g., #1
Closed outlets). One useful approach is to evaluate a site and select the
categories that have a reasonable chance of being credible. Virtually every
well-site needs to be evaluated for #1 Closed outlets, #9 Failure of
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Table 5.8 PSD credible-scenario example

PSV number: 4 Equipment type: MAWP: 500 psig
Suction scrubber
PSV manufacturer: ~ PSV part number: PSV size: 2 X 2 “F” orifice
Mercer 91-43F51V07P21
PSV press setting: PSV calculated flow: ~ Maximum credible flow:
100 psig 972 MSCEF/day 116 MSCF/day
Recommended None
changes
Possible scenarios Closed outlet A blocked outlet could put

reservoir pressure on the vessel
in excess of PSV set point
(116 MSCF/day required
capacity)

Failure of automatic ~ No credible scenario

controls

Hydraulic expansion  Not credible. While a plugged
drain line could result in the
vessel becoming liquid full,
someone would have to
manually shut the inlet and
outlet valves after the vessel
filled, requires too many
unrelated activities

External fire Not credible because there is no
method of getting the vessel
liquid full and isolated without
failures that would be unrelated
to the fire

automatic controls (the subcategories of that category are not often useful
for well-sites), #13 Hydraulic expansion (mostly “a. Cold-fluid shut-in”),
and #14 Exterior fire. An increasing number of well-sites also require
you to analyze #16 Power failure. Table 5.8 is an extract from a credible-
scenario analysis for a specific field.

The fire case seems to be the most controversial. The coefficient of
thermal expansion of water is about 100 psi/R (1.2 MPa/K), so if a vessel
is liquid full, even a low-grade external fire has the ability to rapidly raise
the pressure within the vessel. Gas is a lot more forgiving. Raising the
temperature of a vessel filled with gas (no liquid) from 60°F (15.6°C) at
20 psia (137.9 kPaa) to 61°F (16.1°C) would raise the pressure to
20.038 psia (138.2 kPaa), so it is clear that an external fire does not have
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the potential to rapidly increase vessel pressure. If there is some liquid, it
will boil oft which will raise vessel pressure, but when you do the vol-
ume/pressure calculations they rarely work out to having enough mass of
liquid in the vessel to raise the pressure significantly.

The fire case is limited to pool fires (i.e., a standing pool of liquid is
burning) since a jet fire directed at a vessel would cause the vessel to fail
long before pressure could rise significantly from expanding fluids.

Not considering the fire case will often draw loud and extensive criti-
cism of your work and your overall intelligence. This prejudice is as silly
as any other prejudgment, but it is extremely common in our industry.
Most of the “you always have a fire case” proponents will accept a rea-
soned analysis of the actual conditions, but not always. I've seen analysis
where it was perfectly clear that the fire case was not a credible overpres-
sure scenario because there were not even any flammable liquids stored
on the location (to say nothing of it being impossible to isolate the vessel
liquid full) be rejected because “the fire case is always credible.” When
confronted with that sort of unreasoning nonlogic it is best to pretend
that there is a credible fire case and set the required capacity less than the
highest flow of actual credible scenarios.

When your inflow source is a reservoir, people frequently do an abso-
lute open flow (see Chapter 3: Well Dynamics) calculation and develop a
flow rate based on the rate the reservoir would flow into atmospheric
pressure. This is not what the reservoir is actually seeing. In the example
in Table 5.8, the pressure safety valve (PSV) is set at 100 psig (690 kPag)
and the well was flowing into a 30 psig (207 kPag) compressor suction. If
you slam the outlet valve shut, the well is going to want to flow at
30 psig. As pressure builds-up, the flow rate will drop off at the difference
between the square of reservoir pressure and the square of bottom-hole
pressure. The proper flow rate to use is based on the reservoir flowing
into the PSV set pressure.

5.5.2 Double jeopardy

The design of PSD is centered around “credible scenarios.” “Credible” is
a very important concept. While it is often credible that an operator
might shut the outlet of a pressure vessel with a pressure source still able
to come in through the inlet, it probably isn’t credible that at the same
instant in time the displacer fell off the level controller—the two events
are unrelated and it stretches credibility that they would happen
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simultaneously. You do not have to consider multiple, unrelated events
occurring simultaneously as long as they really are unrelated.

On the other hand, cascading scenarios may be very important. For
example, a pool fire may burn through the gas-supply tubing to the auto-
mation equipment which would cause fail-closed valves to go shut. If a
site has an emergency shutdown process then the “XV” would go shut
on loss of control gas and now we have both an external fire and a closed
outlet. That scenario is quite credible and should be considered in setting
a required flow rate.

5.5.3 Set points

Vessel MAWP is set by the design and the design codes. Overpressure pro-
tection needs to allow adequate outflow to prevent pressure sources (e.g.,
inflow from the reservoir, or thermal expansion) from increasing the pres-
sure to more than 110% of MAWP while the relief device is open (121%
of MAWP for fire case). These limitations on pressure accumulation are
described in the BPVC and have been removed from the current version
of API 521. For vessels with multiple credible scenarios (each with its own
flow rate) it would be reasonable to install a device with a small relieving
capacity (sized for the smaller credible scenario) set at MAWP and a larger
device set at 105% of MAWP with a combined flow rate large enough to
prevent the pressure from building up. In the example in Table 5.8, the
vessel MAWP is 500 psig (3.45 MPag) and the device set point is 100 psig
(690 kPag) with a flow rate eight times larger than the maximum credible
flow rate—certainly adequate to keep the wvessel below 550 psig
(3.79 MPag). The relief valve set point was set this low because the opera-
tors had elected to install a lower pressure accessory on the device which
required re-rating the system. BPVC specifies a maximum pressure accu-
mulation during an overpressure event; any combination of set point and
flow rate that prevents exceeding this maximum pressure accumulation is
acceptable.

Vessel designers frequently install multiple identical relieving devices in
lieu of the customer supplying the result of a credible-scenario analysis.
Multiple devices can be quite reasonable, but there needs to be separation
between the device set points. Every type of pressure-relieving device has
an uncertainty or dead-band value. These can be small, but they cannot be
zero. Consequently two parallel devices with the “same set point” will
have one that falls lower in its dead-band than the other device. In an
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overpressure scenario, the one with the lowest set point will lift, lowering
system pressure. In most cases the second device will not open at all, but
when it does it will tend to cause the other device to chatter between
open and closed which can damage a device. Because of this dead-band
issue, you can'’t take credit for the second device and each of the two
devices must be capable of passing the entire inflow. In order to take credit
for both devices their set point needs to be at least twice the magnitude of
the dead-band difterence (i.e., if the dead-band is 5 psi (34.5 kPa) then the
set points need to be separated by at least 10 psi (69 kPa)).

5.5.4 Devices

There is a range of equipment designated as “PSD.” These range from one-
time use devices that fail catastrophically and cannot be reset to devices
designed for such a small operating range that it is very common for them to
lift and reseat (e.g., tank pressure/valve vents). In between these two ranges
are devices which are intended to operate very rarely and their operation con-
stitutes a significant safety event (as opposed to a normal “control event”).

It is important to note that any device controlled by field automation
is a “control device,” not a “PSD.” All PSD must be able to operate inde-
pendently from program logic. Having a blowdown valve that is part of a
process control may be a perfectly appropriate control feature, but it is
not part of the overpressure protection.

5.5.4.1 Rupture disk
At the lower range of operational complexity is the “rupture disk.” These
devices are designed to have a ductile failure at a particular differential pres-
sure. The “ductile failure” indicates that the metal will rip instead of shat-
tering (and potentially sending projectiles downrange). When a rupture
disk fails, it is unable to later close and stop flow, it simply becomes an
open pipe that must be physically replaced prior to returning to service.
Rupture disks are very subtle engineering creations. Ductile failure of
a metal doesn’t usually happen at a precisely defined stress. If you take
100 “identical” pieces of steel and test them to failure, the failure point
will exhibit a range of values. For rupture disks, that range must be
exceedingly small. Consequently, rupture disks must be handled with
great care. Any scratch or dent should obviously cause them to be dis-
carded, but even the oil from a worker’s hands can significantly change
the failure point. The frequency of failures caused by mishandling of rup-
ture disks has soured many organizations on their use and some compa-
nies have banned their use, therefore in cases where it seems that rupture



Well-Site Equipment 309

disks would be a good choice it is useful to check company polices before
committing much effort toward using them.

Rupture disks can have a secondary function of protecting conven-
tional or pilot-operated PSVs from corrosive or toxic fluids. In that ser-
vice, the failure point of the rupture disk is largely irrelevant (as long as it
is below the setting of the PSV), and its reason for being installed is to
protect the internal mechanism for the PSV from becoming fouled by
process fluids. Installing a rupture disk below a PSV changes the predicted
flow rate of the PSV which is accounted for in the flow calculation as
given later.

5.5.4.2 Conventional PSV

Conventional PSV use spring tension to hold a disk on a sealing sur-
face. When the net differential forces on the disk are greater from the
process fluid than from the spring and exhaust pressure, the disk comes
off the seat. These net differential forces are made up of: (1) process
pressure applied over the (fairly large) surface area below the disk;
(2) exhaust pressure applied over the (smaller) surface area above the
disk; and (3) spring force above the disk. The set point of the PSV is
determined with local atmospheric pressure above the disk (which
is why you do PSV calculations in gauge pressure instead of absolute
pressure). When a PSV is installed to exhaust into a flare header,
imposed backpressure (say from other PSV lifting at the same time)
shifts the set point upward.

In vacuum operations, all of the net forces are pushing the disk toward
the seat, but the valves are designed to prevent vacuum and when exhaust
pressure is higher than process pressure the PSV will pass exhaust pressure
into the process. Conventional PSV can be used in vacuum service with
rupture disks located under the valve.

5.5.4.3 Pilot-operated PSV
In a pilot-operated PSV, a secondary device senses process pressure against
local atmospheric pressure. When the differential pressure is exceeded, the
pilot opens and sends control pressure to the internal piston on the actual
process valve. When this operation is trying to maintain an upstream pres-
sure at a predetermined value, it is a “pressure regulator,” when it is pre-
venting an overpressure it is a PSV, the two pilots are very similar.
Pilot-operated PSV do not add any appreciable operational value
when installed with the PSV exhausting to atmosphere with a very short
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tail pipe and were historically very rare on well-site equipment. With reg-
ulatory proscriptions on venting raw gas to atmosphere, flare headers have
become much more common on well-sites and consequently the need
for pilot-operated PSV has increased.

5.5.4.4 Tank pressure/vacuum vent

As we’ve seen, liquid-storage tanks are quite unable to operate with any
significant pressure or vacuum. Consequently, equipment designed to
protect tanks (Fig. 5.9) tends to operate far more often than other PSD
equipment. Outgassing puts increasing mass into the vapor space, increas-
ing pressure. Throughout the day, even an unheated tank will release
pressure through the pressure/vacuum vent, and every time atmospheric
pressure drops, more gas will leave the liquid. Throughout the night,
most tanks will have some amount of condensation, and without the vac-
uum relief would risk collapsing the tank. Both valve paths on this device
regularly have flow.

Add or remove
weights to
change setpoints

Overpressure
exhaust Pressure
relief

Figure 5.9 Tank pressure/vacuum vent.
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5.5.5 Flow rate determination

All gas PSV are “critical flow devices” (i.e., they satisty the requirements
of Eq. (4.8)). This requirement makes the exhaust piping length and size
to be of critical importance. If the friction losses in the piping to a flare
header causes the pressure on the downstream side of the PSV to exceed
the pressure allowed by Eq. (4.8) then the flow rate will be significantly
less than the flow rate calculated as given in the next section. Confirming
the friction loss in the piping when each PSV is flowing alone is only the
first step. You also have to confirm that if all connected PSV lift concur-
rently, the flare header and the flare nozzle will allow enough flow to
keep all of the PSV in critical flow. This calculation is a major reason that
most well-site flare headers are inadequate. It is nearly always done prop-
erly in plants and rarely done adequately on well-sites.

5.5.5.1 Rate calculation
Flow rate is a function of the upstream (process) pressure, pressure
(assumed to be less than Eq. (4.8)), sonic velocity, and the size of the

L k=1
()

mrcqm'rt’d X Tl ' Zl
C Py K Ky K, \| MW

opening within the valve:

C =520-

(5.10)

Aorg'ﬁce =

The constants are:

* K; — Discharge constant, from manufacturer (for valve selection use

0.975)

* K, — Backpressure constant, from manufacturer (for valve selection

use 1.0)

* Kc — Rupture disk constant (use 0.9 if a rupture disk is present
under the PSV, 1.0 if absent).

Once you've calculated the area required, round it up to a standard
value and use Table 5.9 values (the first number is PSV inlet pipe size and
the second number is the PSV outlet pipe size).

With a selected PSV, you can calculate a valve capacity with the actual
orifice area and actual valve-specific constants from the manufacturer
using Eq. (5.11).
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Table 5.9 PSV orifice flow area for standard sizes

Area Area 1X2 2X2° 2X3 3X3* 3X4 4X6 6X8 6X10 8X10
(in? (em?)

D 0.110 0.710 X

E 0.196 1.265 X X

F 0307 1.981 X X

G 0.503 3.245 X X

H 0.785 5.065 X X

] 1.287 8.303 X X X X

K 1.838 11.858 X X

L 2.853 18.406 X X

M 3.600 23.226 X

N  4.340 28.000 X

P 6380 41.161 X

Q 11.050 71.290 X

R 16.000 103.226 X X

T 26.000 167.742 X

“Equal inlet/outlet combinations only available in threaded connections, flanged valves always have a larger
outlet than inlet.

MW

’/hdesign = Aori ee C- Pup psig” Ki Ky K.
Tl ) Z1

(5.11)

5.5.5.2 Exhaust forces

If a rocket can lift a mass into space, it stands to reason that a jet exiting a
pipe at sonic velocity will exert some measurable force on the piping.
That force is:

Kd 'Aorg‘ﬁce : (pup psig + Patm) : Kf -

F = Pa m ‘AOH et
¢ 1.383 'Aoutlct l o
If F,<0=F,=0 512
k
C- Kd 'Aor{ﬁcc : (Pup psig + Patm) ’ m
F = +F,
332.7

The new constant (K is a function of the adiabatic constant of the
process gas (Table 5.10).
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Table 5.10 API 520-2 reactive force Table 5.A1

k Ky k K¢
1.01 1.15 1.55 0.95
1.05 1.13 1.60 0.94
1.10 1.11 1.65 0.93
1.15 1.09 1.70 0.91
1.20 1.07 1.75 0.90
1.25 1.05 1.80 0.89
1.30 1.03 1.85 0.87
1.35 1.02 1.90 0.86
1.40 (air) 1.00 1.95 0.85
1.45 0.98 2.00 0.84
1.50 0.97

Bending torque
34,000 fi-Ibf

Inadequate
support structure

M (designed for downforce
not lateral force from bending)

[Reaction force
14,550 Ibf

Figure 5.10 PSV forces. US Department of Transportation, Failure Investigation

Report—El Paso-Mojave GT 2012-5-2.

The results of this calculation can predict a considerable force that

must be countered with adequate support. It is common for the (unsup-

ported) tail pipe on threaded PSV to unscrew from the valve and create a

flying-debris hazard. Flanged PSV don’t unscrew, but they can experience

significant bending forces (Fig. 5.10).



314 Practical Onshore Gas Field Engineering

§ 5.6 WELL-SITE PROCESS CONTROL

Typical well-site process control is pretty simple. Separators need
liquid-level controls. Separator heaters and many tanks require tempera-
ture control. Compressors often require suction-pressure control, dis-
charge backpressure control, and/or recirculation control. All of these
processes can be independently controlled without requiring a Program
Logic Controller (PLC). In fact, the outcome of the control process is
often far superior if there is not a PLC to act as a gatekeeper.

Historically the well-site control philosophy was one-controller-one-
end-device. This says that a level controller output goes to an end device
called a “dump valve,” a suction controller uses upstream gas to operate a
pneumatic control valve, a temperature controller sends an on/off signal
to a burner supply valve, etc. This is the “old way” and the vast comput-
ing power in today’s PLC is just aching to be used. Do your best to avoid
the trap of using it.

[ was recently asked to help a company troubleshoot a very expensive
compressor skid that was not working properly. I found that they were
using the on-skid PLC to control the suction control valve, the discharge
backpressure valve, the recirculation valve, and even the control valves for
the blow case. In addition to these control functions, the PLC had the
assignment of gathering hourly performance parameters, connecting to
the Internet, and sending the data to a database in the cloud.
Unfortunately it was a simple-minded PLC that could not start a step
until the last step finished. Since everything in the entire system reported
on the top of the hour, it could sometimes take 2—3 minutes to accom-
plish the reporting task. When the well would experience a drop in flow-
ing bottom-hole pressure at the top of the hour (maybe due to a dip in
the liquid-level downhole), suction pressure would increase, which should
cause the suction controller to go toward shut and keep the increased
mass flow rate from tripping the engine on low rpm, but the PLC was
sending data that no one ever looks at to a database that no one can find.
When a slug of liquid hit the suction scrubber on the top of the hour,
the blow case controls couldn’t be told to work and the skid would go
down on the high scrubber-level kill (which luckily didn’t go through
the PLC). When a slug of liquid hit the scrubber a few seconds before
the top of the hour, the dump would open and then the PLC was too
busy to close it and for several minutes the skid would blow a steady
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stream of gas into the tank, unfortunately the end of the pipe was sub-
merged so it would blow the tank dry. There were 30 other scenarios
that were interrupted by the data gathering subroutine. As a short-term
“fix” they set a second PLC that only had reporting assignments and left
the original PLC to do “Programmed Logic Control.” Eventual solution
was to replace all of the PLC control with local control (see later) and to
not allow the PLC to control any of the compressor processes except
engine rpm and engine load control. This was an extreme example and a
particularly lame program, but it is by no means unique.

A control system is made up of: (1) a sensing element; (2) a control
element; and (3) an end device. The sensing element can be something as
simple as the float in a toilet tank. That system includes a flush handle
(that is not part of the control logic) which drains the tank when
depressed. The “sensing element” is the tank float that sees a decreasing
tank level. The control element is the linkage from the float to the water-
supply valve that is direct-connected to the float arm. The end device is
the water-supply valve. It is easy to see that this system could have a
radar-level sensor connected to a PLC that can open a solenoid on the
water-supply line, but why in the world would you do that? It would
only add complexity that does not add value.

The sensing element is a device that can discriminate the condition of
a process variable and can communicate that condition to a controller.
Sensing elements can be mechanical (e.g., a bimetallic temperature sensor
has two metals with different coefficients of thermal expansion fused
together, as temperature changes the two metals expand/contract difter-
ently which changes the curvature of the element), electrical (e.g., a
“Mag flow meter” senses fluid velocity by evaluating the changes in the
magnetic field generated by the flowing fluid), or hydraulic (e.g., a level
float in a separator or tank).

The control element is anything that can cause an end device to
change state in response to the input of a sensing element. A PLC is the
most obvious example of an electric control element, it can take the input
of (multiple) sensing element(s) and evaluate that input and change the
state of (multiple) end device(s). At the other end of the spectrum is a
temperature controller that can react to the curvature of a single bimetal-
lic element to turn gas on or off to an end device controlling fuel flow to
a burner.

The end device is simply something that can institute a physical
change to the real world. End devices can be anything from a pneumatic
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actuator to open or close a gate, to your electric garage-door opener, to a
valve that throttles process flow. In Oil & Gas the term “end device” is
always a valve.

Process control systems can either be: (1) pneumatic (historically most
common on well-sites), (2) electric, or (3) local. Hydraulic controls are
common in other industries, but are very rare in well-site applications.

Local devices like the pressure regulator in Fig. 5.11 are autonomous
units that have everything they need to function in a single package.
There is no need to vent gas, there is no need for an external energy
source or external program logic. There is also no need for the exhaust
stream that has become such a large issue in regulatory oversight. Local
devices are generally limited to pressure control (including pressure regu-
lators that manage based on downstream pressure and backpressure regu-
lators that manage based on upstream pressure) which can also be done
either with pneumatic or electric control. Any job that can be done with
local control probably should be done with local control.

Electric controls have historically been limited to small solenoid valves
that started or stopped control gas. Government regulators have issues
with using natural gas for process control because the gas is eventually
released to atmosphere and that somehow is causing the climate to change
(these overblown government actions in the name of controlling

Pressure
adjustment

Atmospheric

Poppet valve
(end device)

ALY L1,

pressure

Figure 5.11 Local control device.
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anthropogenic global warming have continued to get progressively more
intrusive with progressively less impact on the actual environment).
Consequently, operators are required to inventory the so-called green-
house gases and to reduce the “emissions” of these gases year on year.
Pneumatic controls using natural gas are being regulated out of existence.
Opver the last few years, some very high-performing linear operators using
high-tech motors have come on the market. These linear operators are
typically retrofit onto the bodies of valves that have previously had pneu-
matic operators. The new operators are characterized by very low power
consumption and excellent, verifiable reliability. They really change the
well-site control universe. For example, for a separator dump valve you
can use an electric-level controller whose sensing element is indistinguish-
able from a pneumatic-level controller and has a simple switch to turn a
linear electric motor on or off to reposition the end device, but that is
not the only way to do this task. Linear electric-actuator technology
allows you to explore technology that is not available for pneumatic con-
trollers like radar devices, capacitance devices, and vibrating fork devices
which all have potential for increasing reliability over a traditional float.
Even with the apparent flexibility of electric control devices, the one-
controller-one-end-device control philosophy should be continued to
electric devices—adding control logic has a high potential for failure with
very low potential for adding value.

5.6.1 Pneumatic control

The workhorse technology for well-site use is pneumatic controls, using
well gas for control gas. Terminology in pneumatic control is confusing
and simple understanding of terms goes a long way toward reducing
confusion.
* Type of controller
Continuous bleed: Source gas always has an open path from the
source to the end device, and end-device pressure is changed by
adjusting the rate that gas released to atmosphere.
Intermittent vent: The controller determines whether control gas
pressure should be directed to the end device or to isolate the con-
trol gas from the end device and the vent end device to atmo-
sphere. No gas is purposely exhausted to atmosphere when the end
device is “at rest.”
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The defining difference is that a “bleed” controller does not have a
mechanical barrier between the supply gas and the end device
while the “vent” controller does have such a mechanical barrier.

* Type of service

On/off. When the input exceeds the set point, the controller sends
pressure to the end device. When the controller senses that the
condition has cleared it lowers pressure to the end device allowing
it to go into its at-rest position.

Throttling: The controller is able to send a variable signal to the end
device to allow it to maintain an intermediate position.

The defining difference 1s that “throttling” devices are able to
maintain pressure in an intermediate position and an “on/oft”
device will send gas to the end device until the pressure on the end
device is equal to the control gas pressure.

*  “Snap vs proportional” is often used by manufacturers to further dif-
ferentiate their equipment from the competitor’s equipment. This lan-
guage is used often enough for it to be helpful to explain the terms.

Snap acting: This means that the supply fully opens at a maximum
signal and fully closes at 2 minimum signal.

Proportional: This implies that the supply valve will open propor-
tionally with a change in input (e.g., as the process variable being
controlled starts to go above the minimum value the supply valve
cracks open and if the process variable keeps increasing, the con-
troller opens further until it is fully open). Proportional control
should not be confused with “throttling” since the supply valve
simply opens or closes more in response to a value above minimum
and even at a minimal opening the line to the end device will
quickly reach control gas pressure in most systems.

It is common to think about “snap acting” as working like a tradi-
tional home light switch and “proportional” acting like a dimmer
that ramped the light up to full power as it is left in an intermedi-
ate position. Snap vs proportional is not a defining characteristic of
pneumatic controllers.

* Actuator condition

At rest: Valve position with the actuator vented.
Actuated: Valve position with some amount of gas pressure on the
actuator.
Table 5.11 provides the defining parameters for a pneumatic
controller.
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Table 5.11 Categories of pneumatic controller

Type of service

On/off

Throttling

Type of Intermittent
controller vent
Continuous
bleed

Mechanical barrier

between supply and
end device, unable
to sustain an
intermediate valve
position. Vents on
de-actuation with
emissions near zero
between cycles

No mechanical barrier

between supply and
end device, unable
to sustain an
intermediate valve
position. Bleeds
continuously,
exhaust rate slows
while process is
“on,” but average
rate is about constant

Mechanical barrier

between supply and
end device, able to
sustain an
intermediate valve
position. Vents some
gas pressure when
valve needs to move
toward closed

No mechanical barrier

between supply and
end device, able to
sustain an
intermediate valve
position. Bleeds
continuously, rate
varies slightly with
actuation but
average rate is about
constant

5.6.1.1 Source gas

High-quality gas is required for process control. It should not have any
free water, in fact it should have as little H,O in any phase as possible. It
should also be at a constant pressure.

There is a device in widespread use called a “fuel-gas dryer” which is
neither a “dryer” (which would imply it has dehydration capability,
which it doesn’t) nor is it reliable. These units are typically made from
6 in Schedule 80 (150 DN) pipe with an ID of 5.761 in (146.3 mm) in a
clumsy attempt to avoid requiring a code stamp on the vessel. It does not
have a mist extractor or (generally) automatic level controls. Any liquid
that it happens to remove from the raw field gas accumulates in the bot-
tom of the vessel and must be manually drained (which should happen
every couple of hours but typically happens every few months).
Pneumatic control problems can often be traced to these inadequate
vessels.

A cost-effective source of fuel gas that avoids most of the problems
with “fuel-gas dryers” is called a “cold finger” (Fig. 5.12). This appendix
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4in (100 DN)
about 3 ft (1 m) long

Figure 5.12 Cold finger.

on the separator outlet line is long enough, with enough exposed surface
area to cause considerable condensation, and any liquid that does drop
out of the raw gas stream will drop back into the process stream. I have
used these devices on lines that regularly see ambient temperatures
below —40°F (—40°C) without any tendency to freeze the control gas
regulator.

When selecting a source-gas location for using raw well gas, it is
important to spend a few minutes thinking about current and future rates,
pressures, temperatures, and equipment. Will the well ever have a well-
site compressor? If so you might want to include a compressor manifold
on the separator outlet piping and put the fuel-gas source on the com-
pressor discharge side of the manifold. If you are using a fuel-gas dryer
and “can’t” include automatic liquid-level control, is there anything you
can do to keep it from standing full of liquid? Maybe drain it into a small
commercial blow case with automatic level control. If you put a cold fin-
ger on the separator outlet piping on a vertical vessel it will be very high
in the air, how do you plan to access the pressure regulator when it (inev-
itably) fails? There is not one answer to this question, but you need to
have thought about the question.

5.6.1.2 Controller/sensing element
In pneumatic control all controllers fit in to one of the four boxes in
Table 5.11. The API is currently developing a standard to help people
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quantify the emissions from pneumatic controllers that want to create
many more categories, but you can determine what line in Table 5.11 a
controller fits in by seeing if there is a way for the controller to block gas
going to the end device. You can determine the column by seeing if the
controller can hold the end device in an intermediate position. If a con-
troller has a block between the source and the end device then it is inter-
mittent vent regardless of what happens when the block is open (there are
controllers on the market that have an isolation but once it is open they
bleed continuously—this makes the controller an intermittent vent
device).

It is normal in pneumatic service for the sensing element to be inte-
gral to the control element. The sensing element can be a float, dia-
phragm, bimetallic element, or a bellows. The control element is typically
a rod or a series of rods that can transmit sensing element movement to
alter the control signal to the end device.

5.6.1.3 End devices

Pneumatic end devices are nearly always valves on well-sites. In Fig. 5.13,
the valve is set up in a “pressure to open” configuration. There is no way
to tell from this figure if it is set up to throttle or be on/oft since that is a

Figure 5.13 End device.
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function of the controller, not the end device. On some manufacturer’s
valves, to change it to “pressure to close” you swap the bonnet vent and
the control gas in connections and reverse the diaphragm carrier so that
the spring pushes up instead of down.

For any pneumatic end device there will be a way to make supplied
pressure act against a spring to move a stem connected to a valve seat. Just
looking at a control valve it is impossible to determine the service it is
put to. Pneumatic valves have different MAWP for the process body than
from the actuator bonnet. The bonnet MAWP is usually less than 45 psig
(310 kPag). The body can be any value needed for a process application.
Many purchasers of these valves have confused the bonnet MAWP with
the process MAWP and improperly rejected valves that were adequate for
the service.

5.7 FLUID MEASUREMENT

All gas wells require volume information to be related to specific
wells. Many regulatory agencies require monthly reporting by well. Many
contracts require settlement by well. Reservoir analysis requires knowl-
edge of the material removed from the reservoir. Reservoir fluids are
measured multiple times: at the well-site for gas; at field-aggregation
points for gas and oil (e.g., Lease Automatic Custody Transfer (LACT)
meters for oil at the lease level; and field “Central Delivery Points
(CDP)” for aggregated gas); at plant inlets; at each product outlet of a
plant; at entry to transportation pipelines; at entry to local distribution
systems and/or end-user facilities; and at final use. It is common to do a
material balance for each of these subsystems and develop a “fuel, lost,
and unaccountable” or “shrinkage” number. Since commercial transac-
tions in gas are based on energy content rather than mass or volume, it is
also common to do both a mass and an energy balance for field gas (com-
modity gas at the outlet of processing facilities has such a narrow energy
per unit-mass range that mass balances and energy balances result in the
same shrink so it is common to only do a mass balance on commodity
gas). Any transportation agreement will have a shrinkage number in it, so
it 1s very important for facilities engineers to understand both the magni-
tude of contractual shrinkage and whether that number is volume, mass,
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or energy. It is rare, but not impossible, for a contract to state a gas
shrinkage in volume flow rate at actual conditions. Field shrinkage of oil
is nearly always stated at actual volume. Both mass (stated through the
surrogate of SCF or SCm) and energy are common for gas shrinkage.

If your gas has 20 volume percent CO, and 80 volume percent meth-
ane, then in the gathering system, midstream transportation, and com-
pression stations you will get about the same shrinkage using either mass
or energy. When that same gas goes through a sweetening plant, some-
thing like 55% of the incoming mass will not be present in the gas-sales
stream, but something like 98% of the energy will still be present—in this
case a mass-based shrinkage number would not be in anyone’s interest,
but an energy-based shrinkage is quite reasonable.

5.7.1 Key concepts

All of the hand-offs that occur between leaving a well-site and entering a
burner require fluid measurement. The problem is that we have abso-
lutely no way to “measure” velocity, volume flow rate, volume flow rate
at standard conditions, mass flow rate, or energy flow rate. None. We
can’t do it. There are things that we can measure. We can measure the
amount that a curved tube straightens in response to an increase in inter-
nal pressure. We can measure the electrical resistance change with respect
to a known current at a known voltage through a specific metal in a
changing temperature environment. With these inferred temperature and
pressure values and measured pipe ID and orifice diameter we can infer a
velocity through the orifice diameter. If the makeup of the fluids has not
changed since the last time we analyzed a fluid sample then we can infer
a mass flow rate and therefore a volume flow rate at standard conditions.
But we didn’t measure any dynamic flow property, and certainly didn’t
measure velocity. The key concepts of fluid flow measurement are “infer-
ence,” “latency,” “accuracy,” “uncertainty,” and “repeatability.”

Inference: We use the few parameters that we can measure, many
assumptions, and theoretical concepts to turn the scarce data into flow by
using “inference.” For example, a turbine meter has a vane pack on a
wheel that rotates in response to a flowing fluid striking the vanes and
transferring flow energy to rotational energy and then we count rpm. If
we know the density of the fluid (and the fluid is homogenous without
any included drops or bubbles) and the coefficient of rotating friction
(including windage losses) and the mass of the vane pack, then we can
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infer a rate of momentum transfer which (using all the same values) lets
us infer a velocity. If our density input is low, then the momentum of the
fluid is low and since we have assumed a constant density the fluid veloc-
ity is reported as lower than it actually is.

Latency: Every sort of meter requires some time to ‘“steady out.”
While the device is in transition from one state to another it is impossible
to determine a flow rate because the underlying assumptions are not satis-
fied. Mechanical devices must “come up to speed,” fluid devices must sta-
bilize flow perturbations, and electrical devices must stabilize current flow
before their underlying assumptions are valid.

As we will see later, a “Mag flow meter” infers velocity from a mag-
netic field which you would think can be communicated at the speed of
light. Fig. 5.14 is an extract of data gathered at 1-second intervals used to
evaluate a new type of vessel. As you can see from this data, the flow rate
continued to increase for 1.75 seconds after the flow was stopped by shut-
ting a valve. This shut valve took the actual flow rate to zero, but the
Mag flow meter (bottom line in graph) still indicated a near-average flow
for the entire 24 seconds that the valve was shut. At the end of the
latency period, the flow rate increased as the pressure increased (and in
this application, increasing pressure after the valve opened is an indication
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Table 5.12 Latency and inference

Technology Inference parameter Latency
Square-edged orifice  dP and temperature 4—20 seconds (depending
on flow profile)
V-cone dP and temperature 2—8 seconds (depending
on density)
Vortex Pressure changes from 10 seconds
alternating vortices
Turbine rpm 30 seconds
Coriolis Vibration frequency 20 seconds
Ultrasonic Doppler shift in sound 45 seconds
frequency
Mag flow meter Measured voltage 25 seconds
Pitot tube dp 2 minutes

of increasing flow), which was verified by watching the measured liquid
flow into a tank.

Table 5.12 provides what we are using to infer a velocity and how
long it takes to steady out for some of the commonly available fluid mea-
surement options. All of these technologies have a place where they
would be a first choice, but none of them is universally the clear winner.

Accuracy: This is defined as “degree of conformity of a measure to a
standard or a true value” (Webster), which should be an important part of
fluid measurement, but isn’t. There is no “standard” or “true value” to
conform with. Any fluid measurement professional that uses the word
“accuracy” most likely does not understand their topic and should be
questioned closely prior to accepting their word on anything.

Uncertainty: Rather than “accuracy,” fluid measurement professionals
talk about “uncertainty.” Uncertainty is the degree of not knowing. If
you say that a pressure gauge “has an uncertainty of * 0.5% of full
range,” you are making a statement that can be verified against an objec-
tive standard. If you have a 0—100 psig (0—690 kPag) pressure gauge that
has an uncertainty of * 0.5% then the uncertainty means that every read-
ing you take from that gauge must be within = 0.5 psig ( £ 3.45 kPag)
from a value that would be determined by an objective standard. If a pres-
sure reading with this instrument is “71 psig” then there is confidence
that the real value is in the range of 70.5—71.5 psig. In flow measure-
ment, you can take the uncertainty of every instrument, assemble those
values in a way that honors their importance in the flow calculation (e.g.,
a parameter that only appears within a square root would have less impact
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on the total uncertainty than one that was squared) then you can deter-
mine a cumulative flow measurement uncertainty. An instrument that has
a 0.1% uncertainty will give you data that is closer to reality than an
instrument that has a 2% uncertainty, but will almost certainly cost much
more. Balancing purchase cost vs operating cost vs uncertainty is a major
part of the job function of a measurement professional.

Repeatability: “Uncertainty” speaks to the range of likely outcomes
around a nominal value. Repeatability speaks to whether the nominal
value reflects physical reality. For example, an expert marksman can place
a number of shots into a very small pattern, but a small maladjustment of
her sights can move that pattern away from her actual target. In that case
she has good uncertainty and poor repeatability. This concept is called
repeatability in fluid measurement because it is thought that if the marks-
man picked up a second weapon she would produce a second pattern and
if there was no maladjustment in either weapon, the second pattern
would overlie the first. When we think about fluid flow, any high-
repeatability instrument would yield the same nominal value in the same
flow stream every time. A low-repeatability instrument would yield dif-
ferent nominal values from one instrument to the next.

5.7.2 Makeup of a flow measurement system

A measurement system is made up of three classes of components: (1) pri-
mary element, (2) sensing element, and (3) recording element.

Primary element: experiences pressure, temperature, and flow velocity,
but has no electronics or recording capability, it is mostly just a carefully
designed lump of metal and maybe plastic.

Sensing element: experiences the parameters being used to infer flow
(e.g., pressure, temperature, rpm, and number of pressure surges), but is
not able to sense flow. It is made up of electronics and exotic metals.

Modern electronic analog sensing elements communicate to the
recording element using either a 4—20 mA, 1-5 VDC, or Modbus.
With 4—20 mA far more common on well-sites. When connecting a
sensing element using a 4—20 mA control loop you tell the recording ele-
ment that 4 mA means zero. Then you tell it what 20 mA means (say
100 psig (690 kPag)), then the recording element is able to convert any
intermediate reading into a pressure (e.g., a 12mA signal with a
0—100 psig calibrated range would be 50 psig (345 kPag)). Most pressure
transducers are able to be adjusted to indicate 20 mA at any value
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between zero and their inherent maximum value. It is often useful to
change the calibrated range of a dP transmitter on a square-edged orifice
meter installation to allow precise measurement under changing condi-
tions without changing the orifice plate (you simply do a calibration,
apply your new maximum dP to the transducer, and adjust the output to
read 20 mA). It is important (but frequently overlooked) to also change
the maximum value in the recording element.

Recording element: is either electronics or pen and ink and sees elec-
tronic signals or pen movements. Historically the recording element was
a circular chart and pens connected to pressure/temperature sensors that
marked a trace on the chart that could be “integrated” by having a person
follow the line with a stylus that digitized the traces and allowed the pres-
sure/temperature data to be converted to a volume.

Today the recording element is usually a remote terminal unit (RTU)
which is a small computer (typically less computing power than a smart
phone) that has inputs for all of the sensing elements and outputs for
some (small) number of digital control outputs. RTU equipment often
has some specialized data storage for the parameters necessary for flow
calculations (e.g., gas analysis, liquid density/SG, meter tube ID, orifice
size, and volume/pulse). It will always include specialized subroutines that
convert the output from the sensing element to a flow rate (either volume
flow rate at standard conditions or mass flow rate). Finally the RTU often
has the ability to transfer the accumulated flow data to a central repository
(that is increasingly on the Internet instead of a local database). A single
RTU can accept between 2 and 20 flow measurement devices.

5.7.3 Water measurement

A significant quantity of liquid measurement (much water and virtually all
condensate) is measured on well-sites using tank gauges and truck “run
tickets.” This measurement technique is eventually very accurate, but the
flow of paper and the ability to relate a run ticket to a particular tank can
be challenging. When we try to meter liquids into tanks, on every time-
scale, the flow measurement is higher than run tickets, sometimes signifi-
cantly higher. That discrepancy is largely due to the dump event being
shorter than the latency of the meter. For example, when a turbine meter
is shut off, the liquid will tend to be replaced with gas to some greater or
lesser extent. When the dump valve opens, this gas flows very fast and
over-speeds the turbine meter. By the time the gas is gone and the dump
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valve is closing, the meter has not yet slowed to a speed consistent with
actual flow rate, so for the whole dump cycle the meter is recording a
higher flow rate than is actually moving. This phenomena has caused no
end tail-chasing work and finger pointing.

When liquids (almost always water) are sent directly into a water gath-
ering system it is usual to try to measure it. Many technologies have been
used for water measurement, this section reviews a few of them.

5.7.3.1 Turbine meter

The momentum of a flowing fluid has the ability to do work on a struc-
ture located in a flow stream. In the case of a turbine meter, the fluid is
spinning a wheel and the assumption is that the work that the fluid does
on the wheel is proportional to fluid velocity. In a steady (i.e., no start/
stop latency issues) flow, water measurement with a turbine meter can be
pretty good. It is not so good with gas flow. If you define fluid
momentum = p X v then pure water with a velocity of 10 ft/s (3.05 m/s)
and slightly above atmospheric pressure would have 13 times more
momentum than a methane stream at 100 psia (690 kPaa) and 60°F
(15.6°C) flowing at 40 ft/s (12.2 m/s), which gives the water flow much
greater resolution to see small changes in velocity reflected in the angular
velocity of the wheel.

5.7.3.2 Vortex meter

We've all seen a flag waving in the breeze. It moves like it does because
when a flowing fluid impacts on a bluff body in the flow stream it sheds
small vortices to either side of the bluff body. These small swirls are
called “von Karmen Vortex Streets” and as you can see by the move-
ment of a flag they have nonzero energy. The magnitude and frequency
of the swirls is proportional to the fluid velocity. Vortex meters were
proposed many years ago, but the electronics required to differentiate
individual swirl-pulses (as pressure changes) and to accumulate them
wasn’t available until the 1990s. The Oil & Gas industry is not quick to
adopt new technology, so these meters are not terribly widespread as of
this writing, and efforts to use them in gas by isolated individuals have
not met with a lot of success. There have been some very successful
applications of this technology measuring the flow rate of liquid from
separator dumps in unconventional gas fields due to the relatively short
latency period.
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5.7.3.3 Mag flow meter

Faraday’s law can be stated as “generated voltage is proportional to the
product of fluid velocity, magnetic field strength, and the length of
the conductor.” You can measure voltage, field strength, and the length of
the conductor, so you only need to establish the constant of proportional-
ity to determine velocity from parameters you can measure. This tech-
nique requires that the pipe be full of a conducting liquid—they don’t
work in distilled water or any gas.

5.7.3.4 Coriolis meter

Proponents and manufactures of Coriolis meters claim that these meters
“directly measure density” and “directly measure mass flow.” Both claims
are utter nonsense. The device has a bent tube located within some very
sensitive sensors. The frequency of vibration of the tube in response to
excitation is said to be a direct measure of density. It is actually a direct
measure of vibration frequency. A slug of gas will change the vibration
frequency, but latency in the measurement of the frequency will cause the
indication to lag the change and for a time that can be as much as 2 min-
utes, the density used in the calculation will have no relationship with
actual density. There are other normal conditions (e.g., intermittent road
traffic and vibration frequencies imposed on the pipe by compression,
etc.) where a change unrelated to changing density can change the vibra-
tion frequency.

To measure flow rate, the sensors look at the amount of displacement
that the tube experiences from the momentum of the flowing fluid.
Compare this displacement at the beginning of the tube to the displacement
at the end of the tube and the transit time of a given wave to determine a
flow rate. It is a direct measurement of pipe displacement, not of flow.

Coriolis meters do a good job of measuring liquid (I've had less suc-
cess using them in gases) and their uncertainty and latency are acceptable.
My biggest objection to them is the hype of the marketing material.
They are not magical, they are simply decent technology that does an
acceptable job and are kind of expensive.

5.7.3.5 Ultrasonic meter

The speed of sound in a given fluid at a given temperature can be deter-
mined with high accuracy. Speed of sound is fast, but it is only one to
three orders of magnitude faster than typical fluid velocity in commer-
cial applications. This difference is small enough that the flowing fluid
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can impact the transmission of a sound pulse from a sender to a receiver
in a measurable way. There are two distinct technologies used in ultra-
sonic meters: (1) time of flight and (2) Doppler shift. Time of flight
meters have two senders and two receivers—one pair has the sender
downstream and the receiver upstream, the other pair has the sender
upstream and the receiver downstream. The time of flight of the sound
pulse from the downstream sender to the upstream receiver is delayed
by the flowing fluid retarding the pulse. The time of flight from the
upstream sender to the downstream receiver is shortened by the fluid
carrying the sound with it. Using this information, software can be
developed to convert the time of flight of the two pairs into a velocity
that can be converted to a flow rate using known fluid properties and
measured temperature.

Doppler shift is the change in the apparent magnitude of a frequency
or wavelength for an observer relative to a moving source. In astronomy,
scientists look at distant objects moving at a significant fraction of the
speed of light and measure the “red shift” to determine how fast the
object is moving away from us. Commercial fluids are moving far too
slowly for this technique to be useful with light, but those fluids are mov-
ing at a significant fraction of the speed of sound and that frequency shift
is measurable. This is like standing next to a train track and noticing that
the sound of a train going away from you sounds different from the sound
of the same train coming toward you.

Eq. (5.13) makes it clear that the Doppler-shift functionality of an
ultrasonic meter provides a reasonable way to determine a Mach number.
If you have an accurate (and constant) fluid composition and temperature
then this equation yields a fluid velocity.
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There are uncertainties in both the time-of-flight calculation and the
Doppler shift calculation which leads manufacturers of many ultrasonic
meters look at both techniques and compare the results in a proprietary
weighting that varies by manufacturer based on their assessment of the
best way to minimize uncertainty.
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5.7.3.6 Blow case dump counter

The simplest liquid measurement on a well-site, with oddly enough the
lowest uncertainty, is to put a counter on a separator blow case. The blow
case fills to the same point every cycle and is isolated from the main vessel
during the outflow portion of the cycle which prevents transient volume
from being an issue while the vessel is drained to the same level every
cycle (same volume transferred every time). Most well-site RTU have a
“pulse input” that is designed to be used with a turbine meter (every
pulse is a known volume) that is ideal for a pulse sensor connected to the
control gas on the blow case dump. Where these have been used on well-
sites with on-site liquid tanks, the comparison between recorded volume
and run tickets has been excellent.

5.7.4 Gas measurement

A molecule of gas will pass through gas-measurement equipment between
four and eight times between the reservoir and the burner tip, with the
average probably around five times. World natural gas production in 2015
was on the order of 335 BSCF/day (9.5 GSCm/day). Commercial trans-
actions vary widely both in units, currency, and care in recording around
the world, so any value you place on this activity is the result of many
assumptions of widely varying applicability. My guess is that wellhead
sales are on the order of $1 billion USD/day; sales to final users would be
on the order of $2.5 billion USD/day. Commercial transactions based on
gas-measurement equipment are a significant factor in the world’s
economy.

5.7.4.1 Square-edged orifice meter

A huge proportion of the equipment used in gas measurement is done
using square-edged orifice meters as defined by API 14.3/AGA3
(Fig. 5.15). This type of measurement starts with the Bernoulli equation
(see Section 0.7.2.2) and “adjusts” it for real flows. If you’ll remember,
the assumptions that made the development of the Bernoulli equation
possible were as follows:

* Inviscid (i.e., viscosity and friction are zero)

* Incompressible

» Irrotational (neither vorticity or rigid body rotation)

* Reversible

* Isothermal

» Isentropic (flow not a function of position)
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Figure 5.15 Square-edged orifice meter.

* Adiabatic (no heat is gained from or lost to the environment)

* There is no work done on or by the fluid

* No fluid is added or removed from the control volume being
investigated
To that list, gas measurement adds:

* Tube is long, straight, and level (removing the elevation term from
Bernoulli).

* Flow profile is fully developed (i.e., it matches the power law shown
in Fig. 0.1).

* Single-phase flow.

*  Fluid properties known and constant.

* Enough friction to dampen swirl.

» Tube roughness in a very narrow range.

* Condition of the flow restriction meets published specifications.

* Meter tube ID is in the range 2—36 in (51—914 mm)

* Ratio of orifice diameter to tube diameter (i.e., “(-ratio”) must be in
a range defined by Reynolds number (Miller, 1989, Table 9.54). The
values below were developed by a committee that had quite diverse
priorities. My experiments have found repeatability to suffer when
[-ratio is less than 0.3 (more at low Reynolds numbers than at high
Reynolds numbers) and I will not use plates in the 0.2—0.3 range by
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personal preference. I also found that [(-ratios greater than 0.72
degrade the repeatability more than any other parameter (you can usu-
ally achieve the same flow result by increasing the calibrated range of
the dP instrument with a smaller impact on both uncertainty and
repeatability). It is reasonable to design meter tubes with (-ratio in
the 0.3—0.72 range for all valid Reynolds numbers.

Re<6X10° - Orifice measurement invalid regardless of (-ratio

(flow must be in turbulent region of Moody diagram)

6 X 10° = Re< 10" — f-ratio in the range of 0.20—0.75 (uncer-

tainty =+ (0.6% + 3/100))

10*=Re <10’ — [-ratio in the range of 0.20—0.60 (uncertainty

* 0.60%)

10*=Re< 10" — f-ratio in the range of 0.60—0.75 (uncertainty

* (0.6% + [5/100))

Re=10" — Orifice measurement invalid for all 3-ratios

It is obvious that a flow cannot be both inviscid and “have enough fric-
tion to dampen swirl” at the same time, so how in the world can we tie up
billions of dollars/day based on arithmetic that is patently wrong? The
industry has developed a database of millions of records representing the
preponderance of the possible outcomes from within the precisely defined
flow envelope and has created adjustment factors to mask the shortcomings
of the underlying arithmetic and provide very good results. The key learn-
ing from this discussion is that the only reason that the measurement from
a square-edged orifice meter has any relationship to physical volume is that
the equipment is strictly limited to very proscriptive design parameters.
Outside of these design parameters the discrepancy between measured flow
and physical flow quickly becomes too large to use.

It is rare for the flow profile to match Fig. 0.1 for any number of rea-
sons (primary among them is swirl created by upstream piping configura-
tion). The original method of damping the swirl was to make the
upstream piping longer and longer but again, if there is no friction (or
even minimal friction) this doesn’t work. The next approach was to install
a “straightening vane” as shown in picture #3 in Fig. 5.16. These tube
packs seem to address rigid body rotation, but don’t do much with swirl.
In the 1980s considerable research was conducted to create a low dP ele-
ment that could force flow into the desired pattern. A number of com-
mercial products were developed to provide “flow conditioning” using a
perforated plate, and all of them worked better than the tubing pack that
we called “straightening vanes.” They all had varying sized holes arranged
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in a proprietary pattern and each had a plate thickness that was also pro-
prietary. By the mid-1990s products with a combination of a vane pack
and a perforated plate had taken over the market and were trying to dif-
ferentiate themselves on price.

There are technical and regulatory requirements to “calibrate” the
sensing elements on a rigid schedule to a rigidly defined standard. When
the sensing elements were integral to a pen-and-ink recording device,
these periodic calibrations were necessary because these instruments had
a tendency to drift with time and needed to be brought back into proper
compliance with an objective standard. To perform the calibration, a tech
uses a comparison device to apply a specific value (of pressure for exam-
ple) to the instrument and records the reading from the instrument being
calibrated in the “as found” column for each of a predefined list of test
values. Then the tech adjusts the instrument and runs the same test values
again, recording the “as left” values for each. An instrument that cannot
be adjusted to very close agreement with the standard over the entire
range must be discarded and replaced. When the typical sensing element
was an integral part of the pen-and-ink recording element, it was normal
for the “as found” to be considerably different from the “as left” column
and this often resulted in adjustments to the historical settlement values.
With the advent and evolution of electronic sensing elements, this ten-
dency for instruments to drift has largely been eliminated. The last time I
saw a calibration report with the as-found column different from the as-
left column (without a notation “replaced instrument”) was at least 20
years ago. However, the calibration requirement remains in the standards
and regulations and must be performed.

Plate holders: The simplest kind of plate holder is the “orifice flange
union (OFU)” as seen in Fig. 5.15 which is simply a pair of flanges with
gauge taps located precisely 1 in (2.54 cm) from the upstream and down-
stream faces of the orifice plate. OFUs use a “paddle plate” as shown in
photo #1 in Fig. 5.16. It can take considerable time and eftort to inspect
a plate in an OFU, so the industry developed a single chamber plate car-
rier where you have to isolate and depressurize the meter tube to open
the quick-release plate carrier. A dual-chamber fitting is available for an
increased price that allows the operator to crank the plate carrier up into
a second chamber and then shut an isolation port to allow plate inspec-
tion without depressurizing the meter tube.

Primary element issues: On the other hand there is no requirement to
ever look at the primary element, where the actual fluids reside, flow, and
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Figure 5.16 Primary element issues (1) bent plate; (2) bent plate; (3) phase-change
scale; (4) mist extractor unwound; (5) G-ratio; and (6) pipe protector left in pipe.

interact. Fig. 5.15 shows some examples of why this oversight in the rules

may not be appropriate:

1. Bent plate. This orifice plate was struck by a large chunk of hydrate
“ice” moving at high velocity. The result was a significant deviation
from the flatness requirement of the spec. This tube also has a G-ratio
significantly less than 0.3, so it probably wasn’t doing a very good job
prior to being struck.

2. Bent plate. This plate was also struck by a hydrate chunk. This one
shows that a secondary ice chunk made it through the small orifice
and struck the thermowell making the temperature probe very diffi-
cult to remove.

3. Phase-change scale. The straightening vanes (which are described in
API 14.3/AGA3 and were properly installed and properly located by
the standard) and the orifice plate both show significant accumulation
of scale. The straightening vanes are located in the straight pipe
directly upstream of the orifice plate, and this plugging (which actu-
ally closed oft two of the holes completely and reduced the diameter
of the others) resulted in the flow reaching the plate in four indepen-
dent jets. The scale on the plate changed the flatness, changed the
quality of the “square edge,” changed the shape of the downstream
bevel, and even changed the OD of the orifice. The cumulative error
on this plate was on the order of 45% low (i.e., the well was being
paid for 55% of the gas actually produced).
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4. Mist extractor unwound. Separator mist pads are very reliable items
and rarely have a problem that causes them to come apart. When this
one did come apart (probably due to a manufacturing defect), it filled
all of the piping between the separator and the straightening vanes.
Having a mist extractor that was several meters of small diameter pipe
reduced the flow rate until this meter had a Reynolds number that
was outside the range allowed in the spec.

5. (-Ratio: This meter had a 7 in (178 mm) plate in an 8 in (203 mm)
line or a 0.875 (3-ratio. When we replaced this plate with a plate in
the acceptable range, the flow rate through the meter increased
by 34%.

6. Pipe protector left in pipe: When straightening vanes are shipped
from the manufacturer they have pipe protectors on both ends. In this
case the meter fabricator neglected to remove the protectors prior to
installing the vanes, and the four inspectors that signed off on this
tube in the fab shop and field didn’t catch it. This piece of red plastic
was in the meter tube for nearly 4 years before someone questioned
the very high differential pressure between the wellhead and the meter
run and ordered a meter tube inspection. After the red plastic was
removed, the well changed from a “dog” to an “above-average” well
for this field.

The moral of this story is that while square-edged orifice measure-
ment is the most common form of gas measurement used in the world by
a very long margin, it cannot be treated with neglect and when calibra-
tions are done, it is a good idea to spend a little while taking a look at the
plate and tube. As engineers designing well-sites, we need to facilitate this
examination by configuring the tubes such that someone can look inside
them without removing them from the pipeline by entering the meter
run with an “inspection tee” instead of a 90-degree elbow. An inspection
tee has the flow in and out of the tube through the branch and the flow
out one end. The other end has a threaded plug (for 2 in (DN 50) tubes)
or a blind flange for larger tubes. In tight spaces and in tubes that are
likely to need to be inspected more often you can consider specifying
pig-closure caps that can be opened for inspection quickly.

Table 5.13 provides some of the basic equations included in API 14.3/
AGA3 in the middle column. If you have trouble seeing the Bernoulli
equation in the mass flow rate equation you are not alone. The derivation
of that equation is dozens of steps, many of which are quite
counterintuitive.
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5.7.4.2 V-cone
McCrometer’s V-cone meter addresses a major issue with API 14.3/
AGA3 meter tubes, specifically: the equation assumes fully developed
flow (Fig. 0.1) with no rotation and then doesn’t have a good way to
force the flow into that configuration. Most of the “flow conditioners”
on the market since the mid-1990s do a reasonable job of simulating fully
developed flow at a limited range of Reynolds numbers, but the big issue
is that we install them and then never think about what flow conditions
are appropriate to properly develop the flow ever again.

Fig. 5.16 is a cross section of the V-cone solution to this issue. The
flow is gradually squeezed down into the annular area between the cone
and the pipe walls, and any flow discrepancies are evened out by the fluid
moving from side to side to take advantage of portions of the space that
have less gas than other portions. At the exit to the cone, the flow is a
very close approximation to fully developed. This results in significantly
reduced uncertainty and significantly improved repeatability.

Measurement techs seem to hate V-cones and often say that they do
not work. Some of the things I've found when evaluating why measure-
ment with V-cones is “bad”:

* One site claimed that their system balance was oft by 30%, “V-cones
are junk.” It turns out that the calculation routine and they were using
the equations from the center column of Table 5.13 instead of the
right-hand column. After the proper equations were loaded to the
RTU, the system balance came into line with expectations and instead
of the contractual 2% system shrinkage they were experiencing
1.1%—and able to sell the 0.9% for their own account.

* Another site claimed that their system energy balance was “way off”
after installing V-cones on about 12% of the wells—they had left the
default gas analysis in the RTU and it was for AIR. Putting in the
proper gas analysis brought the energy balance into values well within
contractual limits.

* At another site the meters were registering zero flow when you could
hear flow in the pipe. When they moved the high-pressure instrument
to upstream of the V-cone and the low-pressure instrument to down-
stream it magically started registering flow properly.

* A V-cone on a gas-lift system was registering 1.6 MMSCEF/day
(45.3 kSCm/day), but the well was only returning 1.2 MMSCF/day
(34 kSCm/day). The meter was disassembled and it was found to be
packed full of emulsified compressor oil and gravel (actual gravel from
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the road) which had resulted in a no-flow dP that was consistent with
the reported flow rate.

Another gas-lift system used V-cones for gas-lift gas, but these were
multipad wells and they had very poorly designed orifice meters at the
pad level—the sum of the individual wells was never even close to the
pad-level meter. They had a high-quality orifice meter at the com-
pressor station and upon comparing the sum of all the well’s V-cone
readings to the station meter, the difference was within the uncertainty
range of the orifice meter (i.e., the sum of the V-cones was the same
number as the orifice meter). The recommendation from this analysis
was to discard the junk orifice meters and do their engineering based
on the V-cones, they didn’t follow it.

Yet another site decided that there was serious money to be saved by
specifying that all gas flow meters would be exactly the same
(Fig. 5.17) to save on spare parts. With a little digging, you can find
from the model number that they settled on was ASME 16.5 Class
150 flanged 4in (200 DN) schedule 40 carbon steel with “2in
(12.7mm) NPT instrument connections with a 0.5516 (-ratio.
Normal operating pressure on most of their wells is 20 psig (138 kPag)
and the dP instruments are calibrated 0—100 in H,O (0—187 torr).
This meter with this calibrated range can measure 0—1745 MSCF/day
(0—49.4 kSCm/day) (the “7MMSCFD” designation of the meter is at
MAWP of 280 psig (1930 kPag) and maximum calibrated range on the
dP instrument of 150 in H,O (280 torr)). This meter in this configu-
ration has a total meter uncertainty of 36 MSCF/day (1 kSCm/
day). The meter manufacturer recommends a minimum dP of 10 in
H,O (18.7 torr), so the valid range of the meter is 600—1745 MSCF/

Figure 5.17 V-cone flow.
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Figure 5.18 V-cone meter nameplate.

day (17—49.4 kSCm/day). Approximately 75% of the wells in this
field produce less than 600 MSCF/day (17 kSCm/day), and 10% of
the wells produce more than 1745 MSCF/day (49.4 kSCm/day), so
they have valid gas measurement on about 15% of the wells. The
meter manufacturer would be delighted to sell them a 2 in (50 DN)
meter with a smaller (-ratio that has ASME B16.5 Class 150 4 in
flanges and spacers to fit into the space that this meter occupies, but

that would violate the “standardization” strategy (Fig. 5.18).

V-cone meters yield consistently better measurement than small ori-
fice meters, they are less prone to primary element problems, have pri-
mary element problems that are easier to repair, and they cost less.
However, in oil-field terms they are “new” (entering only their third
decade of excellent service) so measurement techs resist their use. This
resistance is worth the effort to combat.

5.7.4.3 Other measurement technologies

Most of the technologies described earlier for liquid measurement have
been used for various gas-measurement applications. None of them have
the adaptability, repeatability, or uncertainty of a V-cone, and several of
the technologies provide terrible results in gas (e.g., vortex meters are
often not even compensated for pressure and temperature and cannot
provide either a mass flow rate or a volume flow rate at standard
conditions).
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People occasionally apply pitot tubes to well-sites. These devices look
at the pressure differential between the upstream side of a bluft body in
the flow and the downstream side. These meters have worked well in lab-
oratory conditions with well-known and constant fluid properties, but for
well-site application the variability has proven to be far too great for these
meters to be reliable in the real world.

5 5.8 WELL-SITE EQUIPMENT SPACING

Companies (especially large companies) have had a near-obsession
with “Standard Well Site Equipment Spacing” for decades. Over the years
I've seen hundreds of “standard” designs on paper (that took millions of
man-hours to develop) and nearly zero on the ground. Things like the loca-
tion of roads, the location of pipelines, topographical features, and varying
equipment requirements have conspired to make this goal largely unreach-
able. In my estimation that is a very good thing. Remember, “Every well has
a personality, most are unpleasant, and many are just awful” Trying to put
“standard” clothing on a petulant child is rarely a delightful experience and
trying to force a well into a “standard” is just as unpleasant.

Rather than an immutable “standard layout,” it is more effective to
approach a well-site as a system:

* Draw a scale diagram of the site you have purchased the rights to use.
Include the wellhead, roads, pipelines, and any topography that is
important (e.g., is there an ephemeral drainage that runs water 3 days/
year? For a well-site that is going to be in place for 75 years it might
make sense to account for it in your design).

*  Draw an exclusion area around the wellhead to include an area to lay
down any future workover rigs and room to stage necessary rig equip-
ment (e.g., you may need a pipe rack when you pull tubing and you
may need a place to put an air pack for clean-outs)

*  What kind of deliquification equipment is likely? If it is nodding don-
key SRP then you need considerable room for the surface equipment.
Other kinds of deliquification require space as well (e.g., gas-lift
requires a compressor or a gas-lift line from a central location).

*  Will you need grid power? What route will it use to come onto loca-
tion? That route should not require moving equipment. If no grid
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power is anticipated, but if you likely need power, where are you
going to put a genset?
* Think about what equipment you will need and how will it need to

be accessed.
Will you need tanks? Tanks need secondary containment and
access for trucks, truck access should not require backing, and
turnarounds shouldn’t encroach on the rig exclusion zone. Will
you require low-pressure tankage (i.e., buried tanks or elevated
equipment)? Buried tanks take more space than you expect (and
need truck access like aboveground tanks).
Will you need a transfer pump? Can it go in the secondary con-
tainment? If not, where will it be, if so is the secondary contain-
ment big enough?
What sort of production equipment will you need? Will it need to
be elevated for drainage? How will you elevate it if it needs to be
elevated?
What measurement equipment do you need? How much space
does it need? Can a tech get his truck up to it for calibrations?
Will the well-site ever need a compressor? Most do at some point.
Where are you going to put it and how will you tie it in? Installing
a tee and blind flange above and below the separator outlet valve
on the production-unit outlet piping can save significant future
costs. These tees allow for tying-in future compressors without
having to cut out the installed piping, for minimal cost.
Where will the components of an automation system reside and
how will you get wires between components? It is sometimes a
very good idea to share ditches between pipe and wire, but not
if the route of the pipe adds significant distance to the wiring.
Today’s trend is toward more wireless end devices so this may
not be a consideration for much longer. Even with the current
generation of wireless being significantly superior to early gen-
erations, there are still battery-life issues that too often addressed
by reducing polling frequency without a place in the database
to indicate whether a particular reading is live or a holdover
from the previous period—an oversight that has led to errone-
ous conclusions.
Layout the equipment (and access routes) on the scale drawing.

* Select a size for the pipe from the wellhead to the production equip-
ment/tanks and layout a route. I've found that transitioning from the
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wellhead equipment to the piping should happen at ground-level
flanges located at least 6 ft (2 m) from the well bore. This allows you
to pull the wellhead piping and put a blind flange on the flow lines to
protect them from rig activity. Putting the start of the piping closer to
the wellhead too often results in the line being damaged, delaying the
time required to start back up after a workover. Add the pipe route to
the scale drawing.

It is common for companies to agonize over separation distances
between equipment and the wellhead and between pieces of equipment.
This agony is truly pointless. Whatever distances you select will ulti-
mately be arbitrary and will frequently require exceptions caused by
location topology and well-pad size (which tends to get smaller with
every project). Repeated dispersion analysis for non-sour wells show
that the risk of one fire igniting other well-site equipment is very low,
and the consequences of such a sympathetic fire are really low. We tend
to apply electrical area classification distances to nonelectric applications
and overstate the electrical area classifications. These are pretty expen-
sive extravagances.

5 5.9 CONTROL ROOMS

The growing tendency in many companies is to combine a “control
room” with “dispatched pumping.” The control room part is fairly self-
explanatory, it is a place (sometimes a room, sometimes an entire floor of
a large building) where people sit in comfortable chairs, in conditioned
air, out of the wind, rain, and snow and look at computer screens to
determine where there are issues that should be addressed.

The “dispatched pumping” concept is one of the most wrong-headed
ideas of the 20th century. Under this foolish concept, the control room is
responsible for “looking at” all the wells in the field and developing a priori-
tized schedule of sites for the pumper to visit that day. This schedule is often
ignorant of driving routes so a pumper will visit a well, drive past another
well on her list to the next priority on the schedule, and then (eventually)
spend considerable windshield time returning to the well that she drove past
earlier. At the most extreme implementation of this silliness a pumper can
be fired for visiting a well not on her list. The big problem with this con-
cept is that most things that go wrong on well-sites happen gradually, and
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routine visits frequently find situations that can be repaired easily without

the control room ever seeing that there was something to repair.

Things that can go wrong on a well-site generally fit into one of four
categories:

*  “Anomalies” are some “small” thing that is not right.

o “Issues” are anomalies that have been noticed and reported (as
opposed to having been fixed).

*  “Problems” are issues and anomalies that have escalated rather than
being resolved.

* “Failures” are problems that were not fixed in time.

The way we deal with the event continuum changes by who we are:

* A lease tech on site can detect, diagnose, and repair an anomaly before
it becomes an issue or a problem.

* An engineer on site can detect an anomaly and prioritize response to
observed anomalies.

* Someone in a control room can detect and dispatch people to failures.

* An engineer in a remote office can go to meetings.

The single most powerful tool available for well-site operations is
“boots on the ground.” Automation and control rooms have evolved to
significantly reduce the effectiveness of field staft without providing much
effectiveness themselves. High-quality field data is a diagnostic tool with-
out peer, but it has to be placed in the hands of people with the latitude
and proximity to act on it.

There is a timing progression for well-site activities:

» If'a well has an anomaly or issue, then the control room will not see it
and disallowing routine visits by field techs will ensure that it will
escalate into a problem or failure.

* If a well has a problem, then it will also rarely be seen by the control
room and without routine visits it will certainly escalate to a failure.

* Failures are seen by control rooms and dispatched field techs will
generally find expensive problems that could have easily been fixed
by simply adjusting lubrication or proactively replacing a diaphragm
that was beginning to leak or scheduling the replacement of a
leaking PSV.

While control rooms and dispatching systems make office-types feel
that they are contributing, they are nearly always counter to the needs
of an operating reservoir—any event that can wait for a work order
cycle to dispatch a field tech probably doesn’t really need to be
addressed at all.
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5.10 PROCESSES VS DECISIONS

The intent of processes like dispatch systems, management of
change processes (MOC), and work orders is to drive decisions toward a
“standard” answer. This goal ignores the fact that no well is “standard”
no matter how desperately we want them to be. A process that maximizes
production on one well can (and has) kill(ed) the next well.

Effective field operations:

* Build real disincentives for failing to make a decision.

* Don’t demonize someone for making a decision that turns out to be
suboptimum or even horrible (focus on damage control and learning).

* Clearly define delegations of authority (i.e., who is accountable for
each class of decision) and then let the appropriate person make the
decision. Delegations of authority should be pushed as far down the
organization as possible.

*  Minimize processes and procedures to those (few) required by law

(such as lockout/tag-out).

There is no “one way” to operate a gas field, and nearly every possible
organization and delegation of authority have been tried, probably most
of them have been tried within any given organization at one time or
another. In Chapter 10, Integration of Concepts, we’ll discuss the con-
cept of people “owning” the operation they work in. If the organization
does not instill ownership in the people working there, then it simply
cannot succeed to the degree that is possible.
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NOMENCLATURE
Symbol Name fps units Sl units
A Flow area ft* m”
Ao Flow area of PSV orifice in? cm?
Aa,;,,g, Flow area of PSV discharge pipe in’ cm?
E. a1 Velocity approach factor decimal decimal
ID,;,.  Pipe inside diameter in mm
f Frequency 1/s 1/s
F, Force at outlet of exhaust pipe Ibf N
F, Reactive force on PSV Ibf N
k Adiabatic constant (ratio of specific heat) decimal decimal
K, Backpressure constant for PSV decimal decimal
K, Rupture disk constant decimal decimal
K, Discharge coefficient for PSV decimal decimal
Ky Reactive force constant decimal decimal
K, Constant for vessel sizing ft/s
fitgesign  Result of design calculation after PSV is  lbm/h kg/h
selected
tityequied ~ Result of PSV design calculation for Ibm/h kg/h
credible scenario
MW Molecular weight Ibm/Ib-mole gm/gm-mole
OD,;,. Pipe outside diameter in mm
P Pressure psia kPaa
P Local atmospheric pressure psia kPaa
Pyawpy — Maximum allowable working pressure psia kPaa
Py Pressure relative to local atmospheric psig kPag
pressure
Py, psig  Upstream pressure psig kPag
Staviea:  Basic allowable stresses from Appendix A ksi MPa
t Thickness in mm
teorr Corrosion allowance in mm
v Velocity ft/s m/s
T Temperature R K
w Weld joint strength reduction factor decimal decimal
Y Metallurgy derate decimal decimal
Z Compressibility decimal decimal

(Continued)
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(Continued)

Symbol Name fps units SI units
Subscripts

1 Upstream value

2 Downstream value

avg Average

disch Condition at the discharge of a pump or compressor
gas Gas

lig Liquid

std Standard condition

suct Condition at the suction of a pump or compressor
tbg Tubing

g EXERCISES

1. A well-site needs a new flow line, which pipe option in Table 5.14
would satisty API 31.3?

2. Select a pipe size and material and determine upstream pressure for:

Type gas - CBM

Gas rate — 350 MSCE/day (9.9 kSCm/day)

Water rate — 15 bbl/MMSCEF (84.2 L/kSCm) (SG = 1.03)
Downstream pressure — 20 psig (138 kPag)

Gas temperature — 70°F (21.1 °C)

Pipe length — 185 ft (56.4 m)

3. For the conditions in #2, the vessel fabricator recommend a 24 in
(600 DN) vertical two-phase separator. What diameter should the
mist pad be?

4. What PSV would be recommended for the vessel in #3?

5. The pneumatic device in Fig. 5.11 is labeled “local control device.”
What about this valve makes it “local”’? When the end device has to
move toward “closed,” where does the excess gas go?

6. What is the difference between a “separator” and a “scrubber”?



348

Practical Onshore Gas Field Engineering

Table 5.14 Data for exercise 1

fps Both Sl
MAWP 600 psig 4137 kPag
Design temperature 100°F 37.8°C
Nominal pipe 10 in 250 DN
Type test Pneumatic
Test pressure 150% of MAWP
Corrosion allowance 3/16in 4.8 mm
Normal op pressure 150 psig 1034 kPag
Pipe options
Sched 20 Sched 40 (std) Sched 60 (X) Sched 80
OD 10.750 in 10.750 in 10.750 in 10.750 in
(273 mm) (273 mm) (273 mm) (273 mm)
ID 10.250 in 10.020 in 9.750 in 9.562 in
(260 mm) (255 mm) (248 mm) (243 mm)
t 0.250 in 0.365 in 0.500 0.594 in
(6.35 mm) (9.27 mm) (12.70 mm) (15.09 mm)
Table A1
SMYS (psig Basic allowable stress Maximum temperature
(MPag)) (Stablear Psig (MPag)) (°F (°Q)) before derate
API 5L 35000 (241) 20000 (138) 400 (204)
Gr B
API 5L 42000 (290) 20000 (138) 400 (204)
X42
API5SL 60000 (414) 25000 (172) 400 (204)
X60
API5L 70000 (483) 27300 (188) 400 (204)
X70
Table A1B
Description Etablents
API 5L Seamless pipe 1.00
API 5L Electric resistance welded pipe 0.85
API 5L Electric fusion welded pipe 0.95
API 5L Furnace butt welded 0.95
ASME B31.3 Table 304.1.1 (valid for t <OD/6)
Temperature range Y
Ferritic steels <900°F 0.4
Austenitic steels <900°F 0.4
Other ductile materials <900°F 0.4
Cast iron <900°F 0.0




CHAPTER SIX

Gas Gathering Systems

Simpson’s Fourth Postulate: Gathering systems and compressor stations are
“tools of reservoir management”. Thinking of them as a “sales tool” will

reduce ultimate recovery.
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§ 6.1 OVERVIEW

Before the 1990s, virtually all gas in the United States was pur-
chased at the well-site by gas gathering companies for contractually fixed
prices. All potential profit and loss from price fluctuations fell to the gath-
ering companies. Under that model, the gathering companies had a sig-
nificant profit motive for operating their piping systems, compressor
stations, and plants in a way that maximized production without a lot of
concern for costs. The Federal Energy Regulatory Commission (FERC)
issued FERC Order 636 in early 1992 which ended this economic
model. FERC 636 required pipelines to “unbundle” (i.e., separate) their
sales services from their transportation services. This meant that the pro-
ducers were now free to negotiate gathering/processing fees with their
old gas purchasers, and to sell their commodity products to end users at
the outlet of processing plants. This rule shifted the potential for profits
and losses related to price fluctuations to the producer and removed it
from the gathering company (who now move and process the gas based
on a fixed fee) and shifted their profit motive away from maximizing pro-
duction to minimizing costs.

The other major shift was due to the US Congress passing the
Section 29 Tax Credits as part of the so-called Windfall Profits Tax on
energy in 1980. The Windfall Profits Tax proved to be a law that was
very expensive for producers to capture necessary data and generated
approximately zero revenue for the Treasury, but the Section 29 Tax
credits were largely overlooked by the Oil & Gas industry until the late
1980s. Eventually the industry realized that in a $1/MMBTU
($0.948 USD/G]J) sales market you might be able to make a profit selling
900 BTU/SCF (33.5 MJ/SCm) gas if it allowed you to deduct another
$1/MSCF ($0.035/SCm) from your final tax bill—losing a bit of money
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on the actual coalbed methane (CBM) production looked good if it could
offset taxes owed on other operations. Remember that prior to the devel-
opment of CBM, the gas-sales market was so anemic that no one devel-
oped “dry gas,” only gas with a reasonable expectation of producing
hydrocarbon liquids was ever developed. CBM had no expectation of
hydrocarbon liquids and had a high potential for producing
unacceptable levels of both water and CO,. The industry had no infra-
structure for dealing with either the water or the CO,, and the traditional
gas gathering companies wanted no part of the effort to create this infra-
structure—there just wasn’t enough money in it for a common carrier.

Producers were in a dilemma. They wanted the tax credit and to sell
the gas they had to get the gas to market, but all of the taxis were on
strike. The decision by some operators was to build gas gathering, trans-
portation, and sweetening infrastructure themselves. Other operators
banded together and offered very favorable fee structures to third parties
to build midstream and processing infrastructure. These producers had to
accept that they would have to build primary gathering systems to aggre-
gate their gas at central delivery points (CDP) because with FERC 636
the gathering fees that were demanded by third parties were simply too
high to be attractive even with the Section 29 Tax Credits. This leaves us
with three infrastructure models (these names for the models relate to the
major players in the San Juan Basin in the early days of CBM):

* El Paso model: Third party picks up raw wellhead gas at the well-site
and delivers commodity products to the purchaser at a plant tailgate.

»  Williams model: Producer aggregates raw wellhead gas and brings it to
CDP for compression, sweetening, and dehydration; and the third-
party delivers commodity gas to the purchaser at the plant tailgate.

*  Burlington model: Producer delivers commodity gas to the purchaser at
the tailgate of producer-owned processing plant.

The El Paso model can have reasonable economics in liquid-rich gas
with low contaminants where the third party keeps a portion of the
hydrocarbon liquids as a processing fee. Absent hydrocarbon liquids, this
model tends to have terrible economics for the third-party and poor eco-
nomics for the producer.

In dry gas both the Williams model and the Burlington model have
proven to be very attractive. These models return the potential benefits of
gathering-system improvements to the people with an incentive to realize
those benefits—if a line looping project is expected to increase production
by 1 MMSCE/day (28 kSCm/day), it has a much shorter payout at
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$1000/day plus a $365,000/year reduction in taxes for the producer than
it would have had for a $100/day increase in taxable revenue for a third
party. The same is true for gathering operations like running pigs, if run-
ning a weekly pig gets you a production increase of 50 MSCF/day
(1.4 kSCm/day), then that would be an increase in the producer’ after-tax
revenue of $21,000/year as opposed to an after-tax revenue for a third
party of $1200—if running the pig costs $200/week in labor, the producer
makes money on pigging and the third party loses money on that activity.
In other words, these models align gathering expenditures with revenue
drivers. Third-party pipeline techs will operate a gathering system to mini-
mize operating cost, producer pipeline techs will operate a gathering sys-
tem to maximize production, and the result looks very different.

All gas wells perform better if they see delivery pressures that are consis-
tent with the needs of the reservoir and at the same time are very consistent.
To accomplish those complementary goals the primary gathering system
must be properly maintained and operated, which means that it needs to be
operated by people with an interest in maximizing ultimate recovery.

While anecdotes never prove anything, they can illuminate a point.
Looking at Fig. 6.1, these three wells were located adjacent to each other,
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and each had the opportunity to take gas from the ultimate recovery of

the other two. The well labeled “El Paso Well 1” was connected to third-

party gathering pipe for the first 7 years of production, and the other two
wells were on a gathering system operated by the well’s lease techs. The
labeled points on the graph are:

1. The operator of El Paso 1 set a 1000 hp, two-stage reciprocating com-
pressor to pull the wellhead flowing pressure down to 5 psig while still
connected to the third-party system.

2. The well was moved from the third-party system to the producer-
operated gathering system. Wellhead flowing pressure was increased to
16 psig; the compressor was replaced with a 500 hp oil-flooded screw
COmpressor.

3. The well was equipped with a linear rod pump.

It is easy to see from the late-life data that this well likely started with
similar potential as the other two wells. As of this writing, the well
labeled “Williams Well 17 has recovered 32 BSCF (0.906 GSCm), and El
Paso 1 has recovered 25 BSCF (0.708 GSCm), and including the tax
credits the difference in after-tax revenue between these two wells has
been $22 million USD in current dollars (the difference between
Williams Well 2 and El Paso Well 1 is only $6 million, which is the
expected total revenue of four conventional wells in this field). The two
wells on the producer-operated gathering system have recovered over
95% of their original gas in place (OGIP), the well that started life on the
third-party system wasn’t able to take advantage of the early high rate
period (which happened during the Section 29 Tax Credit window) and
has “only” recovered 82% of OGIP. Current flow rates in the field indi-
cate that it will not be economic to operate the CDP for much longer
and ultimate recovery will likely be limited to 96% of OGIP for the wells
that have been on producer-operated gathering from the beginning and
90% for the well that entered the game late. Ultimate recovery from the
original 22 wells will be on the order of 300 BSCF which added over
$1 billion USD, the producer’s revenue stream over 27 years.

Nothing I've said about the benefits of producer-operated gathering
system applies to affiliate-operated gathering systems. In the interest of
“operating efficiency” many companies have accepted that they need to
build their own gathering systems, but then put into place an organization
that moves the management and operation of those systems away from
the lease operators to a dedicated team. This “midstream organization” is
actually the worst of all possible worlds.
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* Gathering group has different goals than the production group, and
their goals have nothing to do with reservoir performance.

* Production group has no recourse for nonperformance (legitimate
complaints sound like “whining” and you can’t invoke a gathering
agreement as the final authority).

Having the two groups working for the same boss has not proven to
be improvement because most organizations look at production groups as
“profit centers” and set revenue goals and gathering groups as “cost cen-
ters” and set cost-control goals—the benefit of producer-operated gather-
ing is that the operation of the gathering system is done within the
context of “maximizing reservoir profitability,” not minimizing the (tiny)
costs of operating a gas gathering system. The two have very different
realities and focusing on gathering without considering the reservoir per-
formance often results in developing a rigid work schedule that cannot be
modified by exigencies of field operations and subpar reservoir
performance.

The poor average performance of affiliates has only been true when
talking about raw reservoir gas. Once the gas is in a CDP, pressure raised
to midstream levels, and dehydrated to 7 lbm/MMSCF (110 mg/SCm) it
becomes quite appropriate to treat the system as a cost center since at a
plant inlet pressure of 900 psig (6.2 MPag) and 60°F (15.56°C) it is at
36% relative humidity and the chance of accumulating condensate is
acceptably low.

Sometimes acreage dedications require that a particular group of wells
is committed to a particular third-party gathering system. You can have
success in building “micro gathering systems” where the producer takes
responsibility for the flow lines from the well-site to the trunk, the gas
measurement, and removes any well-site dehydration equipment. Then
the producer builds a new trunk parallel to the third-party trunk and ties
the wells into it. This short trunk then terminates in a small compressor
station with any necessary dehydration and a single meter for the third-
party to assume responsibility for. The third party gets the benefit of
going from multiple flow meters to maintain to one, and often from mul-
tiple dehydration units to zero. The producer gets all the benefits of
producer-operated gathering and has compression horsepower between
the wells and the vagaries of third-party gathering pipe. The first micro
gathering system [ built had seven wells, each with a well-site compressor
(total of 400 hp), well-site dehydrator (on the suction side of compres-
sion, operated by the third-party gatherer), and well-site measurement.
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When we finished the project in 2004 the gas sales from the seven wells
increased by 30% and the decline dropped from over 12% to under 4%—
12 years later the wells are still making more gas than they were making
prior to the project.

A facilities engineer needs to think about what she needs to know
before assuming the task of designing, building, commissioning, and
operating a gas gathering system. It is different for each of the three
models:

* El Paso model
You need to know what the gatherer is obligated to do by the
contract.
You need to know how to influence the gatherer when they don’t
do what you see as best for your reservoir.
The phone number of your attorney for when you can’t reach a
meeting of the minds.

*  Burlington model
You need to know everything there is to know about primary
gathering.
You need to know everything there is to know about regulated
compressor stations.
You need to know everything there is to know about midstream
pipelines.

*  Williams model
You need to know everything there is to know about primary
gathering.

But what the heck does “everything there is to know about ...”
even mean? It includes: (1) selection, specifying, and purchasing of gath-
ering piping, accessories, and equipment; (2) acquiring rights of way
(ROW) and government permits; (3) construction; and (4) operation. In
reality no one knows “everything” about any of these topics, and few
people have even been able to keep up with changes in regulations,
technology, and safety/environmental concerns in any given portion of
the continuum. I've always found it adequate to be aware of the broad
scope of these topics so that I could tell when a narrow “expert” was
blowing smoke up my pants legs. Before I was willing to contract a sys-
tem design out to an engineering firm, I designed three major projects.
Before 1 was willing to allow Supply Chain Management to “help” me
on a project I actually did the purchasing on a project. I spent time
walking with surveyors and archeologists to understand their process
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well enough to be able to tell when I was getting value for my money. I
spent time with construction crews until I could tell the difference
between competence and incompetence. I dug a hole with a track hoe
so that I could see for myself how to set realistic expectations for prog-
ress (it turned out to be a lot harder to accomplish than I had expected).
I spent time with a welding inspector to understand what his issues
were. This chapter is not going to make anyone an expert on anything.
It is not intended to do that. The intention is to help with the question
“what haven’t I thought about.”

6.2 PROJECT LIFE CYCLE

Increasingly, companies are spending an ever larger portion of proj-
ect budgets on life cycle management activities. These activities are
intended to reduce project costs from rework and repeating activities, and
they sometimes accomplish that. Other times these rigid structures add
more oversight and communications costs than they remove. An organi-
zational structure should serve the project instead of the project being
force fit into an inappropriate structure.

There are many versions of these project life cycle models, but they all
have similar functionality. Were going to discuss one that is made up of:
(1) planning phase; (2) engineering, procurement, and construction
(EPC) phase; and (3) operations phase.

6.2.1 Planning phase

In the planning phase the project owner describes the project in
enough detail get preliminary funding. This phase starts out with broad

<

statements like “we will drill xx wells for $yy per well, well-site and
gathering facilities should cost $zz per well and midstream costs are
expected to be $aaaa so the project ultimate scope should be in the
region of $bbb billion.” No one is going to fund a project with this lit-
tle definition, but that is often enough definition to get the money to
refine the estimate.

This phase compares expected hydrocarbon resources to the amount
that can be recovered, the timing of the recovery, and the confidence that

the project will meet economic expectations.
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Often the result of the planning phase is a document that flows into
the Front End Engineering Design (FEED) and is usually called some-
thing like “Pre-FEED.” The Pre-FEED document is really intended to
focus the subsequent steps to avoid as many dead-end analysis as possible
(e.g., if the Pre-FEED describes the reservoir as “CBM with 6% CO,
and 94% CH,, 1 MMSCEF/day gas production, 20 bbl/day of water, and
no hydrocarbon liquids” and goes on to indicate that water rate should
decrease with time and CO, was likely to increase toward 25% over 30
years of production, then the FEED process should not consider three-
phase separators in their engineering design).

6.2.2 EPC phase

The EPC phase is often turned over to a contractor without much input
from the owner beyond the Pre-FEED document. This can be a major
mistake, and companies know that it is a mistake, but have often been
unable to change the process to allow the owner’s engineers to take a sig-
nificant role in the EPC phase.

The EPC phase generally includes: (1) FEED (which is sometimes
prepared by a different engineering firm than the rest of the EPC eftort);
(2) detailed engineering; (3) procurement; and (4) construction.

FEED. The FEED is intended to lock in many design elements (like
pipe size, pipe material selection, valve locations and types, and pigging
equipment). Ideally, ROW would be purchased and permits issued prior
to the end of FEED, but there are too many elements of a permit that use
the final information from the engineering design for the permitting
effort to begin in earnest prior to the completion of FEED.
Consequently, the FEED is never a complete engineering document.

At the end of FEED, the cost estimate is refined to something closer
to * 25% than the wild guess from the planning phase.

Detailed engineering. At the end of the FEED, management has to
decide if the project is still viable and economically sound. If it is sound,
then funds are authorized for detailed engineering (on a large project this
can be millions of dollars), but generally this does not release the required
funds for procurement or construction. This stage is typically done by
one of the growing number of engineering firms that provide complete
EPC services.

Detailed engineering is intended to build on the FEED, not to redo
the efforts. If the FEED was based on the project being built out of steel
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pipe with a maximum allowable working pressure (MAWP) of 600 psig
(4140 kPag), it is inappropriate for the detailed engineering to design the
system based on using high-density polyethylene (HDPE) with an MAWP
of 100 psig (690 kPag), but it happens. Communication between the EPC
team and the FEED team is not encouraged (generally if the FEED was
done in-house the team has moved on to the next project, if it was con-
tracted out, that contract has ended and cannot accept new charges).

At the end of detailed engineering, project economics have been
developed to £ 10%; environmental assessments have been completed;
pipeline routes have been laid out; necessary ROW have been acquired;
necessary government permits have been approved; drawings are com-
pleted; if required (it usually is), bid packages have been prepared and
potential bidders have been identified; and materials/equipment lists have
been prepared in adequate detail to prepare a purchase order. The end of
detailed engineering is also the final opportunity for management to
sanction or kill the project (on most approved projects this is the point
where serious money gets allocated).

Procurement. Purchasing has become a very specialized undertaking and
it is generally done by specialists who only do purchasing. Unfortunately,
communication between detailed engineering and procurement tends to
be quite limited. If the engineer specifies “35 blue widgets” and the man-
ufacturer says “we can do that, but the yellow widget exceeds your design
specifications and costs one-fourth the price,” the purchasing agent will
almost always say “send the blue widgets” while the design engineer
might have looked at the yellow widget specifications and approved the
substitution.

There were certainly inefficiencies in the procurement process when
engineers did their own purchasing, but there was also the capability to
adapt the system design to the realities of the marketplace. Early in my
career I designed a line with 18 in (450 DN) steel pipe (which turns out
to be fairly rare). I felt like this size was proper to reach my target fluid
velocities and I tried to order the material—fittings were going to take 20
months for delivery, valves would be 2 years out, and pipe was at least a
year for delivery. As both the design engineer and the purchasing agent, I
was able to ask about the availability of 20 in (500 DN) and was told that
they had all my valves, fittings, and pipe in one of several of their ware-
houses and they could have everything on the ground at my job in 3
weeks. I've never had a dedicated purchasing agent ask me about alterna-
tives when something was long lead time or very expensive.
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At the end of the procurement stage material is on order; a materials-
delivery schedule has been prepared; a construction contractor has been
selected; and a construction schedule has been prepared.

Construction. The construction stage results in dirt moving and pipe
being attached to other pipes. Engineering involvement in this stage var-
ies widely from company to company, from project to project, and even
from engineer to engineer. My preference was to manage the construc-
tion project and have all of the inspectors report to me. That had an
opportunity cost (if I was standing on the pipeline I wasn’t designing the
next project) that my company eventually decided was too high. After
that I had a construction manager who reported to me and the inspectors
reported to him. It worked well. Other projects have a construction
manager who is an employee of the EPC and will either be a senior
construction operator or a junior engineer. Other projects have other
organizations.

6.2.3 Operations phase

When the project is built, it is turned over to operations to actually sell
gas. Many major projects remain open for several months of operation to
allow for repair of identified problems to be paid for by the project.
Other projects are closed the day the last piece of equipment is loaded
onto the truck.

6.2.4 Cost estimating

Building a gathering system is an expensive undertaking and the costs
have to be authorized. There is typically no way to get funds committed
without a cost estimate, in fact you will have to estimate costs several
times during the development of the project:
*  You will need to do a gross-level scoping evaluation to even start
Get a scale map with the approximate well locations on it and draw
in where you expect to put the central points of delivery (CDP)
(it doesn’t really matter how close you are to the final location, so
don’t spend inordinate time on siting the CDP at this time).
Draw a pipeline network and make a guess at pipe sizes. Be careful
to minimize highway, railroad, and river crossings, they are all very
expensive.
Measure your pipe segments and aggregate by pipe size.
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Sum the length of each size (usually done in miles) and multiply
the sum times the expected pipe size (usually done in inches). Add
all the products together to get an “in-mile” number.

Apply your company’s “cost/in-mile” factor. This number varies
widely, I've seen it as low as $800 USD and as high as $2500 USD.
This gross-level number should be all-inclusive and can easily be
*£50% for your particular project. Experienced piping designers
will tend to adjust the factor so that the answer is +0%, —50%
because it is always easier to go to your boss and say “steel prices
went down and that $25 million project should be closer to
$15 million,” than to tell her that the project is now $60 million.

*  You will need to do an authorization-for-engineering cost estimate

You have picked an MAWP.

You have laid out the piping network and modeled the network to
get reasonable pipe sizes, lengths, schedules, and grades.

You have verified that there is a reasonable chance that you can
acquire all of the ROW you need.

You have thought about what pipeline accessories you need (e.g.,
block valves, pigging equipment, line drips, and any automation)
Gathering-system costs are quite variable with changing materials
costs, changing labor rates, and changing transportation costs. The
only thing you have a good handle on is the pipe. You can call a
couple of vendors and get today’s price for each pipe size/material
you are planning to use. Table 6.1 has factors that have tended to
work well over many years and many locations. Using Table 6.1
factors, you divide today’s pipe price by the factor in the last col-
umn to get a good handle on the final cost of the project.

» Project authorization cost estimate

Developing this number is a part of the detailed engineering and is
done with detailed materials lists and competent ROW and permit-
ting information.

Table 6.1 Rule of thumb cost estimating

Material part Rest of

Material cost of job (%) project (%) Total cost
Steel  Pipe cost + 0.80 40 60 Pipe cost + 0.32
HDPE Pipe cost = 0.20 5 95 Pipe cost = 0.10
RTP  Pipe cost = 0.85 90 10 Pipe cost =+ 0.77
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§ 6.3 GATHERING EQUIPMENT SELECTION (FEED)

The first decision that you have to make in a gathering project is
pipe. This decision sets the stage for the entire design process and can
have ramifications on operations for decades. The pipe decision is trying
to find an “optimum” point balancing cost, capacity, and longevity. A
heavy-wall steel pipe will last longer than a thin-walled pipe, but can cost
a lot more. Stainless steels can resist many types of corrosion better than
mild carbon steel, but cost more. HDPE pipe has a slicker surface and has
a higher flow capacity than steel (in the same size), but has limited
MAWP (pressure capacity).

The most important thing for a pipe designer is that they under-
stand that there is no way to “get it right”” That cannot be done.
Remember that every well has a personality. That means that the flow
rate and ultimate recovery vary widely from one well to the next, and
while you may be given a well count and a predicted maximum flow
rate per well, any well that conforms to that flow rate is an absolute
coincidence. I've seen the reservoir guys get the field-maximum flow
rate pretty close (not often, but it has happened), but not a single well
made the rate described by field-maximum divided by well count. I
operated a gathering system that the design flow rate was 38 MMSCEF/
day (1122 kSCm/day) with 46 wells, about 820 MSCF/day/well
(23 kSCm/day/well). The designer of the system built his model based
on 2 MMSCF/day/well (57 kSCm/day/well) and laid out the piping to
reach his target velocities throughout the system. When I took over
operations there were two wells that were pretty close to the original
average, but the range on the other wells was 0.050—14 MMSCEF/day/
well (1.42—396 kSCm/day/well) and the total system was making over
100 MMSCEF/day (2830 kSCm/day) with many parts of the system see-
ing very high line pressures, while other parts of the system had pipe
velocities approaching separator velocity and significant accumulated
liquid. I think that the system designer did a very good job with what
he had to work with. This development project was done in three
stages and for the subsequent stages the designer asked the reservoir
engineers to provide estimated flow rates by well—the resulting error
was very similar in these systems to the system-wide average approach,
the reservoir engineers simply cannot predict the vagaries of drilling
effectiveness or the risk of drilling into a small-scale discontinuity. The
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point of this discussion is to illustrate that any gathering-system design
needs to expect that it will have weak places that will require fixing in
subsequent years and to not treat the need to loop lines or add water-
removal equipment as a failure of initial design.

6.3.1 Design standards

A gas gathering system is a pipeline that carries pressurized fluid. The
system can be regulated by local, state/provincial, and/or federal regula-
tions. These systems often have public health and safety ramifications.
Consequently, an objective standard is required to provide a basis for
decision making. These objective standards can be ASME standards, ISO
standards, government regulations (codes), API standards and recom-
mended practices, and company policies. Most often a mix of these
sources will be required to be layered atop one another. Government
regulations generally set the minimum performance level, but it is very
common for the code of federal regulation to include an industry stan-
dard by reference and add requirements to the industry standard (e.g.,
the standard says that you have to do “A” or “B” and the code says you
have to do “A” and “B”).

Finally company standards are layered onto the design. Company stan-
dards are intended to clarify items that the codes and standards are silent
on, or remove options that are allowed in the code. One very common
and quite irrational addition by company codes is a proscription against
threaded pipe. The standards include extensive language about how to
use threaded pipe safely and how to understand physical design limita-
tions. The codes are mostly silent on threaded pipe. Many company poli-
cies simply say that tapered pipe threads will not be used. This company
decision actually increases the risk of personnel injury and environmental
releases (small butt welds are very hard to do properly and the rejection
rate is many times the rejection rate of butt welds on bigger pipe, the
result is that more bad welds are put in service on small pipe that would
have historically been threaded). As silly as some of the company addi-
tions can be, your choices are to follow them or get them changed and
the process to change company policy can be challenging and can require
years of work.

We've talked about “ASME B31.3: Gas Processing Plants” as the
design code for well-sites. There are companies that use B31.3 for gather-
ing lines even though these codes do not have any way to indicate
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population density or to account for high-risk traverses like crossing a
major highway or railroad tracks or rivers. Using B31.3 a designer would
use the same safety factors moving across farm country in Pennsylvania as
they would use crossing the East River into Manhattan and running
under Trump Tower. This seems like either an excessive safety factor for
the agrarian pipe or a grossly inadequate safety factor for a 58 story resi-
dential/retail building.

“ASME B31.8: Gas Transmission and Distribution Piping” does
include methods to evaluate varying risk profiles as you move down
the pipe. Not every jurisdiction uses ASME B31.8 (e.g., in Canada
you would use CSA Z6662-2007, and in countries using ISO stan-
dards it would be EN 14161:2003), but the processes and equations
are very similar from standard to standard. The most significant differ-
ence tends to be in the safety factors that are required and when they
are required.

The scope of ASME B31.8 is similar to the other piping codes. It is
stated as: “This Code covers the design, fabrication, installation, inspec-
tion, and testing of pipeline facilities used for the transportation of gas.
This Code also covers safety aspects of the operation and maintenance of
those facilities.” The code does not apply to:

* Pressure vessels

» Piping above 450°F (232°C) or below —20°F (—29°C)

* Piping beyond the outlet of the customer’s meter set assembly

* Piping in oil refineries or natural gasoline extraction plants, gas treat-
ing plant piping

* Vent piping

* Liquid petroleum piping systems

* Liquid slurry piping systems

* Proprietary items of equipment, apparatus, or instruments

* The design and manufacture of heat exchangers

*  CO, transportation piping systems

* LNG piping systems

*  Wellhead assemblies, including control valves, flow lines between well-
head and trap or separator, offshore platform production facility pip-
ing, or casing and tubing in gas or oil wells.

The ASME B31.8 process for determining minimum wall thickness
for piping is very different from what we discussed in Chapter 5, Well-
Site Equipment, and is specific to pipe material. These equations will be
presented as follows.
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6.3.2 Pipe selection

When you are selecting pipe, you have to be concerned with balancing
cost, flow capacity, and longevity. Generally one of these factors will
dominate the decision. For example, when CBM was being anticipated,
we knew that the gas had significant CO, and that we were not going to
perform well-site dehydration so we would have significant condensed
water in the presence of acid gas which was known to be a recipe for
high corrosion rates which made longevity the primary consideration and
we preferentially ran high-cost glass-reinforced plastic (GRP) (fiberglass)
piping often in sizes smaller than we would have chosen for steel (because
of limits on available sizes in the pressure ratings we needed).

6.3.2.1 Size selection

If you are designing a brand-new system or a simple loop line to alleviate

a high-pressure section of the system, you need to have some sort of

pipeline model. Choices are:

* A manual model. Using the arithmetic from Chapter 4, Surface
Engineering Concepts, you have all of the equations and you can
solve the model one segment at a time. Since the segments are interre-
lated, this iterative solution can be quite cumbersome and time
consuming.

* A plant model. Generally plant models like Hysys or AspenONE have
very robust and rigorous piping models that do many things that you
don’t need and not many things that you do need (looped lines and
compressor processes are much weaker in these plant models than
they are in pipeline models).

*  Commercial pipeline models. Pipeline models all have extensive capa-
bility to model new lines in existing systems (from a simple twinning
to a line that takes off the existing system picks up new gas and returns
to a different part of the system creating an eftective cross connect that
can flow either direction), but they all have significant weak features.
For example, we had an engineering student working for us one sum-
mer and assigned him an evaluation of a very-high-pressure portion of
a system. This system was a simple wishbone layout with a north lobe
and south lobe that came together and ran into a CDP, the bottleneck
was on the north lobe. The summer-intern analyzed the problem with
a commercial system and recommended a simple twinning of the
north loop with the same pipe sizes as the original design. I asked
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why he didn’t just cross connect the north loop to the south loop to
take advantage of the underutilized pipe in the south loop. He said
that he had analyzed that and it resulted in a bigger problem that what
he had started with. His answer seemed counterintuitive to me so I
built a simple model in another software product and that second pro-
gram liked the cross connect (we later built it my way and got results
very close to the pressures predicted by my model). We spent the rest
of the summer trying to find out what went wrong with his model.
We finally determined that the model had a built-in bias to flow from
low-numbered nodes to high-numbered nodes, and simply renumber-
ing the nodes changed the program recommendations from cross-
connect-bad to cross-connect-great. From that day on, we all knew
that if we ran that particular program we needed to renumber the
nodes of the final model and see if we got the same answer. It was a
widely used (and very expensive) program in the industry with a blind
spot that was difficult to even see is there.

» Simple chart. Many problems can be addressed (certainly initial siz-
ing) using a simple chart like Fig. 6.2. Note that in the title, a very
specific set of conditions are listed. Your conditions may (will) vary.
For example, for 12 in (300 DN) and smaller projects a reasonable
limit is 15 psi/mi (64 kPa/km), but for 12 in (300 DN) and bigger
projects it is common to limit the pressure drop per unit length to
5 psi/mi (21 kPa/km) because of the much larger volume in the
bigger pipe you want to minimize the number of large compressor
stations required to replace pressure lost to friction. Also note that
there is a 100 ft/s (30.5 m/s) line on the bigger pipe in Fig. 6.2.
This limitation is there to keep the calculation within the incom-
pressible limitation (as defined as downstream density =90% of
upstream density). This velocity is just under 0.1 Mach which
experiments have shown is a minor cusp in the velocity vs density
curve. Since expected conditions rarely match this chart, Fig. 6.3
shows how the equations change with various parameters. Best-to-
worst comparison is in the upper left corner. It shows that pipe
roughness always matters. Temperature sensitivity is never very high,
but is higher at higher pressures. Specific gravity sensitivity goes the
other way and decreases with increasing pressure. Elevation (i.e.,
local atmospheric pressure) is a big deal below about 29 psig
(2 barg), but above that assuming sea level should be fine for pipe
capacity calculations.
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Figure 6.2 Capacity vs pipe size.
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There are not many “never ...” in piping design, but there are some.

In the interests of successful operations, the piping designer should never:

* Change pipe diameter underground (this transition will create confu-
sion and operational difficulties for the life of the system, and the sav-
ings are inadequate for the problems).

* Design nonpiggable lines in a raw well-gas system.

* Allow the piping selection to limit system MAWP (i.e., piping
MAWRP should always be greater than the ASME B16.5 class of the
flanges in the system, which should be the same or greater than the
MAWP of the supply and delivery systems).

6.3.2.2 Material selection

Gathering-system materials choices have changed considerably in the last
30 years due to (largely unfounded) corrosion concerns with high-CO,
gas, and the requirement to move very large volumes at very low pressure.
Many operators mistakenly assume that since CBM and Shale gas will
spend a large portion of the production life at low pressures that it is rea-
sonable to build very low-pressure gas gathering systems. The problem
with this choice is that it eliminates the ability to actively manage reser-
voir pressure during the high-productivity early production period.
Another problem is that it requires major capital expenditures on day 1 to
make up the energy discarded across wellhead chokes. As a gathering-
system designer, it is a good idea to have a system with at least the pres-
sure performance of the well-site equipment (assuming that the well-site
equipment has been designed to optimize the ultimate recovery from the
reservoir).

[ was on a well a few years ago that the wellhead choke made so
much noise that you couldn’t talk on the location. The flowing data
showed that the well was making 16 MMSCF/day (453 kSCm/day), res-
ervoir pressure was 1400 psig (9.65 MPaa), wellhead pressure upstream of
the choke was 450 psig (3100 kPag), and separator inlet pressure (down-
stream of the choke) was 250 psig (1724 kPag), because they had a very
low-pressure HDPE gas gathering system, they further cut the pressure
out of the separator to 10 psig (68.95 kPag), the gas then went 3 miles to
a compressor station where the 2 psig (13.8 kPag) gas has to be boosted
to 300 psig (2070 kPag)—with a rational system design the multimillion
dollar compressor station likely could have been delayed 5—7 years just
by eliminating the dP across the two well-site chokes.
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Piping material must be compatible with design pressures, expected
temperatures, and expected chemicals. It is useful to check with local
contractors and find out what materials they have experience with. If
they’ve installed the material and like it, then your installation may be
able to benefit from a learning curve that someone else paid for. If they've
used it and hate it, then you might be able to avoid some hidden shortfall
in the material (or you may talk to a different contractor, your choice). If
they’ve never used it then you need to budget for a steep learning curve.

Steel. Historically all gathering-system pipe was steel, mostly API 5L
Grade B Seamless. Coatings have evolved from painted-on tar, to coal-
tar-epoxy, to fusion bonded epoxy (FBE). The modern FBE coatings are
orders of magnitude tougher and adhere to the pipe far better than older
FBE designs.

In the early 1980s all gathering pipe was seamless because the rolled-
plate pipe like spiral wound and electric resistance welded (ERW) pipe
were truly junk. The manufacturing process on this pipe created so
many stories of piping coming “unzipped” that the industry refused to
purchase longitudinally welded pipe at all, and many were very reluctant
to purchase pipe made in the United States. The U.S. Steel upgraded
their facilities at Fairfield Works in Alabama in the early 1980s and
reversed a decades-old decline in the quality of steel made in the United
States. By the mid-1980s U.S. Steel and Lonestar Steel (later purchased
by U.S. Steel) had straightened up their performance to the point that
both ERW and steel produced in the United States were at least as good
as any pipe manufactured in the world. With those changes, ERW pipe
moved to the mainstream and it is many people’s (including mine) pre-
ferred choice when the design choice is steel, but it is important for the
designer to specify that the longitudinal weld not be installed on the bot-
tom of the pipe (the heat-affected zone of the weld seems to be more
prone to damage from MIC (corrosion) than the rest of the pipe or the
girth welds).

A current trend in piping design is to use higher grades (i.e., higher
specified minimum yield strength or SMYS known colloquially as “X
Grades”) to allow thinner walls for the same MAWP (or higher MAWP
for a given wall thickness). The higher grades are stronger, at the price of
being more brittle with higher internal stresses. I am concerned that the
higher internal stresses will increase the incidence of “stress corrosion”
modalities that tend to be a higher risk of these sorts of cracks. There are
times that the X Grades are the best choice, but it is a bad idea to just use
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them because you have them. Wall thickness in ASME B31.8 is in
Eq. (6.1).

Pmawp : ODpipe
2 Py Fy By T

fmin =

(6.1)

Most of the terms in this equation are obvious, but there are some
new ones. Eyis a longitudinal joint factor that is 1.0 for seamless and
ERW (remember in ASMB B31.3 Table A1B has a derate factor of 0.85
for ERW). Tyis the temperature derate factor which is 1.0 for any fluid
operating at less than 250°F (121°C). The interesting new term is Fy
which is called the “design factor” used for matching the safety factor of
the pipe to the population density (Table 6.2).

Table 841.1.6-2 in ASME B31.8 contains a list of specific situations
that require these factors to be lowered (e.g., fabricated assemblies in Loc
1 Div 1 must be designed to a design factor of 0.60 instead of 0.80).

The “1 mile section” is important. We built a gathering system on
farmland (Loc 1 Div 2) and over time one of the farmers subdivided his
property and built houses. Now a portion of the system is Loc 3 and the
pipe wall thickness is no longer adequate for the system MAWP. We took
several actions to render this part of the gathering system appropriate for
the new population density. First we lowered the MAWP on the entire
system (but we did not change the location class of the entire system) and
reset all pressure safety valve (PSV) on the system to values consistent
with the new MAWP. Second we installed new block valves on the trunk
passing the housing, we were careful to place the valves far enough back
to minimize the risk of further encroachment. Finally we actuated the

Table 6.2 ASME B31.8 design factor
Location Design
class Description factor (Fy)

Loc 1 1 mile section of pipe with = 10 buildings intended for  0.80
Div 1 human occupancy that is operated at >72% of SMYS,
static tests must be done with water
Loc 1 A Loc 1 Div 1 pipe that is operated at <72% of SMYS, 0.72
Div 2 can be tested with water, air, or natural gas
Loc 2 1 mile section of pipe with 10 < x < 46 buildings 0.60
intended for human occupancy
Loc 3 1 mile section of pipe with =46 buildings intended for  0.50
human occupancy, but that is not Loc 4
Loc 4 Location where multistory buildings are prevalent 0.40
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new block valves with high-reliability actuators to shut off the piping
through the housing development on either high pressure or low pressure.
This resulted in a short section of an extensive gathering system legiti-
mately having a different design factor than the rest of the system.

6.3.2.2.1 Steel pipe wall thickness example
For the conditions in the example in the last chapter, see Table 6.3.

If you assume Grade B (P,,,,, = 35,000 psi) ERW pipe, then Eq. (6.2)
shows that standard weight (0.365in (9.27 mm) wall thickness) would
work where in the ASME B31.8 calculations Schedule 80 (0.594 in
(15.09 mm) wall thickness) pipe was required.

600 psi-10.75 in 3 .
= : + = in=0315in (6.2)
2-35000 psi-0.72-1.0-1.0 = 16

fmin

Now we need to calculate stresses using Eq. (6.3) (called “Barlow’s
formula”) we see that at MAWP the hoop stress is 51.9% of SMYS, at
test conditions it is 77.9% of SMYS, and normal operating pressure it is
13.0% of SMYS.

Pyaig” OD e
Sy = L 6.3
" 2 ’ (t - t[OTT) ( )

HDPE. Polyethylene is a “thermoplastic” material that does not
change physical characteristics after a phase change (i.e., you can melt it
and let is solidify without changing its physical properties). “High den-
sity” refers to material whose density is between 0.941 and 0.965 gm/cc.

HDPE was invented at the Kaiser Wilhelm Institute in 1953, 2 years
later it was first formed into pipe. HDPE pipe has been used in drainage
and irrigation since the 1960s. Over time the “long-term hydraulic
strength” (the plastic industry’s replacement for the steel industry’s use of

Table 6.3 Pipe thickness example data

fps Both Sl
MAWP 600 psig 4140 kPag
Design temperature 100°F 37.8°C
Nominal pipe 10 in 250 DN
Type test Pneumatic
Test pressure 150% of MAWP
Corrosion allowance 3/16 in 4.8 mm

Normal operating pressure 150 psig 1034 kPag
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SMYS, it is the applied pressure where material creep begins) improved
dramatically, and people started using HDPE in gas service in the 1980s
(the long-term hydraulic strength had increased by a factor of 4 compared
to the 1960s value). HDPE pipe comes in short spools (limited to small
diameter) and sticks. Lengths of pipe are melted together using specialized
welding equipment.

All of the calculations in HDPE are a mixture of industry association
documents, engineering standards, and regulations. Some jurisdictions
actually refer to association documents in regulations, giving them the
standing of a law. ASME B31.8 limits unreinforced thermoplastic pipe in
natural gas service to a maximum pressure of 100 psig (689 kPag) under
all conditions. One industry association document (that is referenced in
regulations) does not differentiate gas service from liquid service and
allows HDPE to be used in pressures substantially higher than ASME
B31.8 allows. One equation that all sources seem to agree on is the defi-
nition of dimension ratio (DR):

pR = 2P
t
which leads logically to: (6.4)
ID = 0D, PR 2
Pire” TR

Some DRs have been standardized to be widely available, and these
DRs are designated “SDR” for “standard dimension ratio.”

From ASME B31.8 paragraph 842.2.1 (modified to use terms consis-
tent with this document) Eq. (6.5) is used to determine the MAWP for
HDPE. Material specifications for HDPE are contained in ASTM D
2513 and most commercial HDPE is classified “PE 3408 Py, is specified
by material, and for PE 3408 it is 1600 psi (11.0 MPa). The Fyq, term
is a factor that distinguishes natural gas service from water service, for
natural gas it is 0.32, for water it is 0.50.

1

pmawp =2'Plths'm

’ Fdesign (65)

HDPE gas gathering systems are very common around the world, and
they seldom fail to be a bad idea. In nearly every case they require signifi-
cantly choking the reservoir pressure to protect the pipe from overpres-
sure. When the goal is to protect an artifact instead of achieving an
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optimum set of conditions for gas flow, then the ultimate profitability of

the reservoir will always be compromised. That is a lot of “never” and

“always,” and [ strive not to make value judgments, but I am yet to see a

case where an operation achieved better results with HDPE than they

would have gotten with steel or RTP.

Reinforced thermoplastic pipe (RTP or Spoolable composite pipe). Due to
both corrosion concerns and the cost of laying offshore flow lines, the
Oil & Gas industry got serious about finding viable alternatives to steel
pipe in the early 1980s. All of the so-called Majors and many of the
Second Tier operators invested heavily with both university research and
providing venture capital to start-up companies to develop pipe that met
the difficult performance requirements for an installed cost that was com-
petitive with steel. Like any emerging field, there were a number of pro-
ducts that proved to be unable to compete in the marketplace, but several
companies have emerged with products that are proving to be superior to
steel. All of the RTP commercial products have a few things in common:
* They are made up of a sandwich of dissimilar materials

Inner layer of material resistant to corrosion and scale formation.
This layer is usually HDPE or cross-linked polyethylene (PEX,
used for higher temperature applications).

Intermediate reinforcement layer. The reinforcement layer
varies widely by manufacture from steel braid (Flexsteel) to
“glass fiber-reinforced epoxy” (Fiberspar), to a rope-like
aramid fiber (Soluforce). The Flexsteel product was developed
specifically for offshore applications and was designed to with-
stand being hooked by a super tanker’s anchor in a hurricane.
The Soluforce product was designed to have a very low
installation weight and has proven to have an advantage in
installation costs.

Outer strength layer is almost always HDPE.

* Scope of original material-design projects was heavily focused on:
Downbhole tubulars, those products have not met with much mar-
ket success.

Multiple flow paths in a single diameter, again those products have
had limited market success.

Oftshore pipelines, one product (Flexsteel) has had significant mar-
ket success.

Onshore gathering systems, several products have had significant
market success.
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1

pmawp =2 Py : Fdesign (6.6)

ODpipe ~ Ireinforced

Long-term hydraulic strength in Eq. (6.6) is 11,000 psi (75.8 MPa)
(from ASTM D 2517). The thickness used in this equation is the thick-
ness of the inner layer (referred to in manufacturer’s literature as “rein-
forced thickness”) as opposed the half the difference between the outside
diameter and the inside diameter. The outside diameter is the ultimate
OD of the sandwich. The design factor is the same as HDPE.

This material tends to cost more per unit length than steel (and con-
siderably more than HDPE). Cost of installation is a fraction of the cost
of installing steel or HDPE (it has been reported when plowing RTP into
the ground without open ditch it has been installed at the rate of 1 mi/h
(1.6 km/h) as opposed to an average of 0.5 mi/week (0.85 km/week) or
0.01 mi/h (0.016 km/h) for the same size steel in the same location).
“Your results may vary,” and I've never achieved 1 mile/h, but I've found
it common to install RTP for less than 1/10th the cost of installing steel.
It is common for the total installed cost of RTP to be 20%—40% less
than steel (depending on how much open ditch the project needs).

Glass Reinforced Plastic (GRP or fiberglass). Fiberglass pipe is not
included in ASME B31.8, which implies that the ASME does not
encourage its use in gas service. It is included in ASME B31.3 as “Glass-
Reinforced Thermosetting Resin (Glass RTR),” but ASME B31.3 does
not discuss the procedure or equations for determining the piping
MAWP. “ASTM D 2992, Practice for Obtaining Hydrostatic or Pressure
Design Basis for ‘Fiberglass’ (Glass-Fiber-RTR) Pipe and Fittings” lays
out the (lengthy) procedure for setting an hydraulic design basis and
pressure design basis for GRP and at the end of the test the pipe pressure
rated is published by the manufacturer, the user of this pipe selects their
MAWP and selects pipe which fits that need. ASTM D 2992 is silent on
the fluids that GRP is appropriate for.

As mentioned earlier, in the early days of CBM, GRP was the pipe of
choice. It was available in pressure ratings consistent with desired design
pressures and was very corrosion resistant. A considerable amount of it
was installed in the San Juan Basin, and crews became very adept at its
installation. We did not know the extent of damage that could be done
by bruising the pipe (e.g., when a rock falls from the edge of the ditch
onto the pipe it makes a mark on the pipe). These bruises did not impact
the ability of the pipe to pass a static test, but over time the damaged
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fibers rubbed together and eventually created a path for gas to escape.
None of these leaks created the typical “anthill” as shown in Fig. 4.14,
but they created a nuisance.

6.3.2.3 Pipe summary
The typical values and the pipe material and pipe comparison are given
in Tables 6.4 and 6.5, respectively.

6.3.3 Ditch

Buried pipelines must be, well, buried. With steel and HDPE lines and
any line in hard-rock, burial means an open ditch. In most soils RTP can
be “plowed-in,” meaning that it is put into the ground and backfilled
with a single-step process.

6.3.3.1 Open ditch
Historically the only way to get pipe underground was to dig a ditch,
lower the pipe into it, and then backfill the ditch over top of the pipe.

Table 6.4 Pipe material typical values

Largest size Typical
Material typically used MAWP in gas Comments
Steel 20 in (500 DN) 600 psig Requires external coating,
4140 kPag internal surface subject to
corrosion
HDPE (SDR-7) 16 1in (400 DN) 100 psig All sizes of an HDPE SDR.
690 kPag number have the same
MAWP (limited by
maximum pressure in
ASME B31.8)
HDPE (SDR- 16 in (400 DN) 82 psig Much thinner wall than
13.5) 565 kPag SDR-7
GRP (stick) 6 in (150 DN) 1440 psig Delicate to install
(10 MPag)
SoluForce 6in (150 DN) 1440 psig Spool, HDPE in contact with
(10 MPag) fluid, strength layer aramid
fibers
FlexSteel 81in (200 DN) 1440 psig Spool, HDPE in contact with
(10 MPag) fluid, strength layer steel
FiberSpar 61n (150 DN) 1440 psig Spool, fluid in contact with

(10 MPag) HDPE or PEX (high
temperature), strength layer
glass-reinforced epoxy
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Ditches are made using a combination of “wheeled ditching machines,”’
“rock saws,” and “track hoes” depending on the terrain, length/size of
the line, and ground condition. Open ditch 1s a trade-off—the more ditch
that is open the longer continuous pipe section can be lowered in at one
time and the fewer times you have to redeploy specialized equipment, but
open ditches can collect a lot of water in a rain event and are a danger
to farm animals and wildlife (Fig. 6.4, don’t worry, the track hoe in the
picture was used to dig a walkway out of the ditch and the bull and calf
were able to walk out of the ditch unharmed). Different engineers have
different risk tolerances and personally I don’t allow a ditch to be open
more than 3—5 days.

We’ll talk more about how to make a ditch later, but for now let’s talk
about considerations for a ditch.
* First, the ditch must be deep enough to allow for adequate “cover”

(i.e., the amount of dirt between the top of the pipe and the finished

grade). The amount of cover is a combination of your choice of a

Table 6.5 Pipe comparison

Steel HDPE RTP
End connection Welded Welded Press fit
Distance 30t (9.14m) 301t (9.14m) 2000—5500 ft
between (910—1700 m)
interventions

Crew size 11 workers 6 workers (half Three workers

(most must highly (moderate skills)
be highly skilled)
skilled)

Ditch bottom  Flat Flat No requirement for flatness
(also, can be plowed-in
without an open ditch)

Maximum 2500 psig 100 psig 2500 psig (17.2 MPag)

pressure (17.2 MPag) (690 kPag)
in gas

Minimum 40 X OD 25 X OD 10 X OD

radius for
field bend

110-degree Fitting plus Fittings Rope pipe (no fitting

bend field bend needed)

Weight Very heavy Heavy Light

Material cost High Very low Highest

Total Cost High Highest Lowest
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Figure 6.4 Moose in open ditch.

standard (ASME B31.8 has different minimum cover for different
location classes, the more population density the deeper the pipe must
be), any applicable regulations, and company policy. It is important to
review all three and ensure that you have met the requirements of the
most restrictive.

You need to pick a “working side” and a “spoil side.” Every contrac-
tor has a preference for working side, and it is worthwhile to follow
that preference (after the decision is made it no longer matters and if
you force your preference on the contractor he will make you pay
dearly for that demand in a thousand small inefficiencies). The pipe is
strung out and joints are welded together on the working side. The
dirt removed from the ditch is piled on the spoil side.

You need enough ROW for the activity. For larger diameter pipe, you
have to dig a wider hole deeper, which creates a big spoil pile. If any
part of the spoil pile goes off of the ROW then bad things can happen
(from being required to pay for additional ROW to having your job
shut down for trespass). Bigger pipe is heavy and the equipment
required to handle it for welding and for lowering it into the ditch is
bigger than you need for smaller pipe so you need more space on the
working side too. If your ROW is limited (as it often is on federal land),
then if worse comes to worst it is possible to “work on the spoil” where
you put your ditch adjacent to one edge of the ROW,, put the spoil on
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the other side, level the spoil pile and string the pipe on top of it. This is
never ideal, and it creates some additional risks from people working on
the unstable spoil pile, but it can be done if done with care.

* Ditch bottom is important. It needs to be reasonably consistent and
free of larger rocks. The ditch bottom should be approximately parallel
with the finished grade which means that it is going to undulate to
some extent. The pipe is surprisingly flexible and will naturally sag
into most undulations. If the pipe won't fit a particular section of the
ditch (e.g., overtopping a hill or crossing a valley) then you have to
“overbend” the pipe to fit the ditch. It should never be acceptable to
the project engineer to “build up” the ditch bottom with sandbags in
lieu of bending the pipe—sandbags simply are inadequate structural
support for the long term. Some projects require that pipe be laid in a
“bedding material” which can either be imported sand or sifted spoil.
The goal of bedding is to ensure that the pipe is resting on the bottom
of the ditch without gaps and is not resting on rocks that can damage
the pipe coating. Bedding was specified much more often before the
current generation of pipe coatings—today’s pipe coatings are tough
enough that adding bedding material is largely pointless, but is still
required in some jurisdictions and some companies.

*  Once the pipe has been lowered in, you have to decide what the first
material to put on the pipe is. Again this decision has more to do with
“policy” than actual need. Some companies require bringing in sand
for pad, others allow sifted spoil, others don’t specify and blown spoil
is used. When the pipe is covered with appropriate fill, then the rest
of the dirt is pushed into the ditch and “driven down” (i.e., construc-
tion equipment is driven over the ditch multiple times in multiple
directions) to compact it enough to keep it from settling.

* Finally, the ROW has to be returned to as near pristine conditions as
possible. The contour must be returned to approximately original,
barricades must be put in place to keep it from becoming a new road-
way, appropriate seed must be sown to grow native plants, pipeline
markers must be placed to show the pipeline route, and the ROW
must be monitored for erosion until it has reached some percentage of
coverage from new growth.

6.3.3.2 Plowed-in
For many years, the power-distribution industry has used equipment to
“plow-in"" buried cables. This process starts with the cable on a spool that
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is associated with a “sword” that is inserted into the ground at the

required burial depth and clears a path through the earth while position-

ing the cable along the path. Cable is very flexible and this process has
been largely perfected for underground cable installation. The advent of

RTP has led several companies to produce equipment to adapt this instal-

lation technique to spooled pipe. The pipe is considerably stiffer than

cable and required some significant adaptations, but those adaptations
were accomplished and it is very common for RTP to be plowed-in
without an open ditch.

Looking at the concerns for open ditch, this technique has some sig-
nificant benefits:

* The depth of the pipe is set by positioning the sword and can be
much deeper than the minimums.

* There is no need to specify a working side/spoil side since only mini-
mal work is done on the ROW.

* There is no spoil pile, so the ROW only needs to be wide enough for
the plow with occasional sites to allow equipment to reverse direction.

* Ditch bottom is irrelevant and bedding is not an issue.

* Padding is irrelevant.

* Finally, the ROW is only disturbed a few inches that can be largely
returned to pristine conditions by running the tire of a piece of equip-
ment (like a rubber-tire hoe) down the gash. It is important to place
pipeline markers within a few weeks of running the pipe or you may
not be able to find the “disturbance.”

6.3.4 Pipeline obstructions

As a pipeline progresses down a ROW, it will encounter obstacles.
Standards, codes, and company policy frequently have something to say
about crossing these obstacles. For example, ASME B31.8 specifies that
putting your pipe on a bridge over a river requires a maximum design
factor of 0.6. It also increases requirements for nondestructive testing
around crossings (generally increases x-ray percentage). All crossings
should be as close to perpendicular to the obstacle as reasonable.

Some obstacles like farmer’s fences should have been discussed in the
ROW agreement and it is clear (from that contract) that you have to stop
the process of making up the pipe outside of the ditch at the fence and
start it back up after the fence, and then remove the fence while putting
alternate guards against cattle movement while you connect the two
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sections in a “bell hole” (see Section 6.7.5). Other obstacles may not be
as cut and dried.

Rivers. There are basically four ways to cross a river: (1) directional
bore, (2) bridge, (3) river cut, and (4) plow-in.

Directional bore. As directional boring equipment has improved over
the last few decades, this option has gotten progressively less expensive
and more precise. Thirty years ago, this option cost 4—5 times more than
other options and you never really knew where the line was going to
emerge from the bore. Today the costs are only slightly higher than other
options and the pipe emerges from the ground within a footstep or two
from the target. The design of most modern directional bores put the
pipe deep enough that the pipe does not tend to reside in standing water
under the river and adding weight to the pipe to maintain a negative
buoyancy is generally not necessary. Directional bores can either be cased
(i.e., a thin wall pipe is driven through the bore hole when the drill is
withdrawn and the pipeline is pulled through the casing) or allowed to
collapse around the pipeline.

Bridge. If you will look, you will see that many railroad and highway
bridges include pipes under them. Since the static load of a pipeline (or
several) is tiny compared to the dynamic load or a train or truck, the use
of transportation bridges is a common way for pipes to cross rivers.
Permission and structural analysis is required, and the permission is not
always granted. Requesting necessary permits prior to finalizing route is a
prudent approach.

There are also dedicated pipe bridges (Fig. 6.5) that it may be possible
to add your pipe to. The bridge in Fig. 6.5 was owned by a third-party

£

Figure 6.5 Pipe bridge.
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gatherer and its use required: (1) detailed review by a structural engineer;
(2) detailed review by a geotechnical engineer; (3) reinforcement of the
pier foundations using helical piers; (4) I-beam supports along the length of
the piers; (5) a new carrier cable (located above the cable for the existing
pipe); and (6) a support arrangement that allowed the new upper cable to
carry the new lower pipe. After 3 months of negotiations and engineering
analysis, the owner of the bridge allowed us to use the bridge without a fee.
River cut. On very small rivers it is sometimes allowed to stop the flow
of the river long enough to dig a ditch, lower the pipe in, and backfill it
before releasing the temporary dyke. This approach is rarely allowed and
requires: (1) permits from federal and state agencies; (2) explicit permission
from all impacted upstream land owners (and usually a temporary use fee);
(3) downstream water monitoring both before and after the job; (4) a way
to prevent the pipe buoyancy from causing it to float to the surface (usually
concrete river weights on open ditches); and (5) a mitigation plan if the
turbidity of the downstream flow is impacted by the job (can be very
expensive). On larger rivers (where damming the entire river is impracti-
cal), it is normal to do a river cut in stages by setting a cofferdam in part of
the river and allowing the full flow of the river in a narrowed channel fol-
lowed by moving the cofferdam to the next section. The logistics of doing
a river cut in stages are extremely difficult and subject to intense scrutiny
by regulators (primarily the Corps of Engineers in the United States).
Plow-in. With the advances in RTP, it is tempting to just ignore that
there is a river in the way and continue plowing the pipe right through
the river. This may be a great idea (virtually no disturbance in water qual-
ity and no obligation to stop or divert flow), but you have to be con-
cerned with the pipe staying where you put it. For example, 4 in (100
DN) Soluforce weighs 3.3 Ibm/ft (4.91 kg/m). This means that 3.3 Ibm
(1.5 kg) of pipe will be displacing 6.9 Ibm (3.1 kg) of water, a significant
up force on the pipe. A heavier product like Flexsteel is still two-thirds
the weight of water and will still float. It could be that the tendency of
the sliced path is small enough to restrict the amount of water that is
installed with the pipe, but this would still make me nervous. Check with
your pipe manufacturer for case studies prior to using this option.
Railroads. Other obstacles are easier to describe, but still very difficult
to actually cross. The other obstacles include railroads, roadways, and for-
eign pipes. Railroad crossings are a major issue. The roadbed is subjected
to extreme forces from loaded trains and the rail companies guard the
integrity of their roadbeds very closely. It is difficult to get a railroad
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company to even talk to you, and when they do respond to inquiries
they have extensive restrictions. As directional boring technology has
improved that is becoming the only option being allowed. In previous
decades you could often dig a bell hole 6—10 ft below the bottom of the
constructed roadbed and do a straight bore that had to be lined with a
heavy-wall casing that you pulled your pipe through. Today you can do
an uncased bore, but the minimum depth is much deeper (one railroad
demanded 60 ft (18 m) below the surrounding ground level, which is
achievable with a directional bore, but requires offsetting the start/end of
the bore a considerable distance).

Roadways. Pipelines frequently have to cross roads. “Roads” run the
gamut from a “two-track” path that a farmer uses several times a year to
access remote fields to elevated, limited-access highways. Each has its
own issues. The main issue is the risk of road traffic damaging the buried
pipe. This risk will be somewhere between zero and significant. You
design road crossings to keep the risk within your comfort zone.

Cased roadway crossings. A roadway casing is a culvert-like structure
that is placed under the roadway and the pressure-containing pipe(s) is/
are pulled through the casing. Standards, codes, and most companies leave
the case/uncase decision up to each project. While regulations are gener-
ally not helpful on the case/uncase decision, if you decide to case a road-
way crossing the regulations tend to be very specific on the casing details.
A roadway casing generally needs to be sealed on both ends and the
sealed casing needs to be vented so that a pipeline leak won’t overpressure
the casing (or you must design the casing and end caps to withstand pipe-
line test pressure).

The regulations suggest that the casing must be vented, but they don’t
usually specify that the vent should be on one end or both. Companies
that vent both ends have reported creating a “thermal syphon” that allows
cold air to drop into the casing and be warmed by the pressurized pipe to
rise up the other vent, in extreme cases this airflow has created pipeline
freezes (that can be prevented by removing one of the vents). Some
operators have had good success filling the pipe/casing annulus with
paraftin or beeswax to reduce corrosion risk and prevent airflow.

Uncased roadway crossings. Some engineers will always install a roadway
casing on every roadway they cross. Others (like me) will resist roadway
casing at all costs. The upside of casing is that even a thin-walled casing
will prevent road traffic from damaging pipe. The downside is that the
casing (even though the ends are sealed with elastomer boots) will almost
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always be full of water and it is difficult to pull a pipe through a casing
without damaging the pipe coating—the combination of standing water
and damaged coating is a recipe for accelerated corrosion that can be very
difficult to remediate.

At the end of the day it is difficult to justify not casing roadway cross-
ings of paved roads. For public unpaved roads, if you can bury the pipe
with at least 8 ft (2.4 m) of cover there is a good argument for not casing.
For private unpaved roads (including the farmer’s two-track) you can
make a good argument for continuing with your normal pipe depth.

Foreign pipe. “Foreign pipe” is any pipe that is not part of your project.
It can be owned and operated by your company, or by some other entity
(in Fig. 6.6 three of the four foreign pipes are operated by the company
laying the new pipe, the fourth is owned by a third party).

Crossing foreign lines can be contentious. You must always notify the
foreign pipe owner any time you are disturbing the soil near their pipe,
they have the right to be present during the excavation, but their

Figure 6.6 Foreign pipe crossing.
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presence needs to accommodate your construction schedule, if they don’t
show up at the appointed time, proceed without them.

ASME B31.8 specifies minimum clearance to an “underground struc-
ture” of 6in (152.6 mm) (only 2in (50.8 mm) from gas mains oddly
enough), but they don’t specify if you need to go over or under the struc-
ture. The company that owns the foreign line will often have strong opi-
nions concerning what they will “let” you do. In most jurisdictions, they
don’t have the right to specify anything about the crossing. In the interests of
community relations, if you can meet their expectations then you should.

I had one crossing where the foreign pipe was laying on solid rock
and the top of their 16 in (400 DN) 1000 psig (6.8 MPag) gas pipeline
was buried with just over 3 ft (1 m) of cover. I was laying a 6 in (150
DN) GRP line. The foreign pipe owner demanded that I go under his
pipe and provide no less than 4 ft (1.2 m) of separation. Going under
would have required the use of explosives adjacent to this high-pressure
gas line. I told them that I was going over their line and providing 6 in
(152 mm) of separation. When the lawyers got finished with their (very
expensive) review of law and precedent, the owner of the foreign line was
happy with my original plan and I went over their line. Accommodating
reasonable requests can come back to you in goodwill, refusing unreason-
able requests is your right, just make sure that you learn the difference.

It is common for steel lines in close proximity to have a test lead “cad
welded” (also known as “exothermic welding”) on both pipes. These test
leads are run to the surface so that a technician can confirm that the
cathodic potential of the two pipes has not gotten cross connected so that
one pipe acts as a sacrificial anode for the other pipe. The cad weld pro-
cess generates very high heat that has the potential to damage marginal
pipe (i.e., pipe that has been in the ground too long and the corrosion
allowance was used up decades ago). For this reason never allow your
construction crew to attach a cad weld to a foreign pipe. You can (and
should) provide the equipment, but the owner of the foreign pipe needs
to have their contractor or employee apply it. I had one situation where
the cad weld burned a hole in the foreign pipe (the pipe was 1950s vin-
tage, had been in the ground for 45 years and was “coated” with a field-
applied asphalt paper and tar wrapping, and was well past its 20-year
design life). Had my crew done the weld I would have been liable for the
cost of the repair, the lost gas, and probably the lost production. In the
actual case, we left the ditch open for them to do their own repair and
we finished our job.
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6.3.5 Liquid in gas gathering systems

Gas leaves the well-site equipment at the highest pressure it will see until
it leaves the gathering system, often much warmer than the ground tem-
perature, and fully saturated with condensable vapors. As the temperature
drops, the ability of the gas to carry these substances as a vapor
diminishes. As the pressure drops, the ability of the gas to carry these sub-
stances as a vapor increases. Consequently, as the gas moves down the
gathering pipe you will have many condensation/evaporation events
happening at different locations. The result is standing liquid in virtually
all gas gathering systems. This standing liquid can create corrosion cells,
and it will increase the pressure drop in the system.

Every sag and low point in the system (and there are dozens of sags
and low points in every mile of pipe, Fig. 6.7) has the potential to collect
liquids. Liquid-management strategies that use “line drips” (see later) to
collect the liquid at significant low points (and designers have a wide
range of definitions of “significant”) will collect any liquid that happens
to drop out uphill from the drip, but that is only going to be a fraction of
the total liquid accumulation.

When designing a gathering system it is important to think about
how you are going to manage accumulated water. One common strategy
is to simply use nonmetallic pipe (HDPE usually) and pretend that it
doesn’t matter. Even if corrosion does in fact become a nonissue, gas
flowing over a coherent liquid has to do work which must be paid for in
terms of increased pressure drop and increased incidence of slugs.

Liquid slugs are a much larger issue than many designers accept. I
operated a gathering system that had a piggable (but not pigged) subsys-
tem with 16 wells making a cumulative 85 MMSCF/day (2400 kSCm/
day). The system had three highly efficient piggable drips with automated
dumps (and dump counters so we knew how much liquid was being
removed) that were on average removing 21 bbl/day (3.4 m’/day) so we
expected that everything was just fine. One cold Thursday in December,

Figure 6.7 Pipe sag.
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the water that was being accumulated in the sags and low places
“launched” into a slug. All three drips were overwhelmed and unable to
keep up with the inflow. The slug overwhelmed the compressor-station
suction scrubber and did major damage to filters, compressors, and dehy-
drators. We recovered over 1000 bbl (159 m’) of liquid from inside the
compressor station, which was certainly a small portion of the total slug
size since the automatic dump valves on the drips and suction scrubber
were all wide open for several minutes. After we cleaned up the mess and
fixed the broken components we started pigging the system weekly. After
we started pigging the recovery went up to 36 bbl/day (5.7 m’/day) and
the line pressure at the farthest well dropped 30 psig (207 kPag). We
never did learn what the “trip event” that caused the liquid slugs to start
moving, and once we started regularly pigging the system we never had
another occurrence.

6.3.5.1 Line drip

Condensed hydrocarbons in a gathering system have always been called
“drip”” A more accurate name for this category of equipment would be
“line drip trap,” but it is what it is. Drips are never the only answer for
removal of condensed liquid, but they can be a component of the solu-
tion set. Since humans have a desire to think about fluid flow in human
terms, it is easy to see why you would put a trap to catch condensed
liquids in the low point of a gathering system, in fact these devices are
often called “low point drains,” but fluid flow and pipeline topography
are far more complex than that. Often the low point will occur after the
system pressure has dropped the vapor content far below 100% RH and
which tends to inhibit condensation. The drip is installed at a low point,
but not at a point that is conducive to condensation so it is useless.

I'm going to talk about four subclasses of line drips: (1) side-stream
drip, (2) insert drip, (3) single-line piggable drip, and (4) dual-line pig-
gable drip. In all of these I will describe a device with a nearly horizontal
barrel (they need to have a slight slope toward the blowdown valve
stinger). This is not the only possible configuration—many operators
build simple vertical barrels that either have to be buried very deep or
have limited volume, but the hydraulics are the same as described later.
The volume capacity of the barrel should be based on the largest slug that
can be expected to develop. For piggable lines it is the volume that the
expected available dP can push up the largest hill it must traverse (i.e., if
you have designed a compressor-station inlet to be 50 psig (345 kPag))
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and your gathering system is HDPE rated at 100 psig, then you only have
50 psig available. If the line ID is 10 in (254 mm) and your largest hill is
more than 116 ft (35.4 m) of elevation change, then your drip barrel
should be able to hold 11.3 bbl (1.80 m’). Stronger pipe would result in a
larger available dP and you could tolerate a higher hill and would need a
larger barrel.

Side-stream drip. The drip in Fig. 6.8 is the result of generations of
wishful thinking. The hope is that liquid will condense from the gas in
the piping uphill from the tee that starts the drip. It does sometimes.
Other times it drops out before the last hill or after the next hill.

The side-stream drip in Fig. 6.8 has a barrel length of 8 ft (2.4 m) and
a volume of 4.2 bbl (0.7 m?). If it didn’t have the elbow, the ditch would
have to be nearly 25 ft (7.6 m) deep to achieve the same volume.

Note that the blowdown line is offset from the pipeline, this is
achieved by rotating the small side of the concentric reducer 1 degree in
either direction. The slope of the barrel is achieved by installing the tee
in an orientation where it is at least 3 degrees (but not more than
5 degrees) out of level.

Side-stream drips need to have “pigging bars” welded into the branch
on the tee so that pigs won’t fall into barrel. Without the bars, this style
of drip renders the line nonpiggable. Note that Fig. 6.8 shows the drip
totally full of liquid, in my experience that is the normal state of these
devices, people blow them down several times a year, but it only takes a
few hours for them to fill back up. There are some side-stream drips that

Barrel slope >3degrees

Figure 6.8 Side-stream drip.
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Figure 6.9 Insert drip.

have automated level control, and they will typically dump 4—5 times/
day.

Insert drip. A significant step up from the side-stream drip is the insert
drip (Fig. 6.9). This innovation has a full-width plate attached to a blind
flange and lowered into a length of pipe. The insert plate extends at least
one inlet-pipe diameter below the bottom of the inlet pipe. The plate
forces the stream to change directions and accelerate under the plate. Just
like in a separator, any droplets in the flow will tend to be thrown out of
the flow stream and tend to coalesce into a puddle in the drip barrel. If
insert drips are not manually drained often, the liquid level can rise until
the flow tends to blow mini-slugs into the downstream piping and actu-
ally do more harm than good. There is no real impediment to designing
insert drips with automatic level controls, but it is rarely done even
though automatic level control would improve the function of the device
by several orders of magnitude.

Insert drips are not piggable in any configuration. Just like the side-
stream drip, the inlet/outlet piping centerline should be a degree or two
off the centerline of the barrel to allow the blowdown piping to bypass
the inlet (or outlet, there is no preferential flow direction) piping. The
impingement force on the insert plate can be significant, so it is important
that the plate be thick enough to prevent buckling and the attachment be
robust enough to prevent detachment.

Single-line piggable drip. The single-line piggable drip in Fig. 6.10 is
similar to a side-stream drip with pigging bars with two major differences:
(1) the slots go all the way around the circumference of the pipe (allow
capturing any liquid in annular flow and improves the slug-handling
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Figure 6.10 Single-line piggable drip.

ability several fold); and (2) this design always has automatic level control
(I can say that because so far every drip made to this configuration has
been on my projects to my design, someone may eventually adopt this
design and eliminate the level-control line, but it would be a mistake).
The slots go nearly the entire length of the barrel diameter so there is
considerably more flow area from the flow line into the drip than you get
with a tee, which allows more of a slug to be diverted into the barrel
instead of continuing down the line.

Through trial and error, the most effective slot width has been found
to be about 2.5 times the gathering pipe wall thickness. The space
between the slots should be approximately equal to the slot width. There
is little room for error in the slot width, length, or spacing, and cutting
the slots in the field or in a welding shop has resulted in a poor job; it is
far better to have the slots cut in a machine shop. Since the radius on the
ends of the slots will rarely be a standard drill diameter, programming the
radius on a numerical control milling machine is far easier and better job
than trying to drill them.

Total open area in the slots should be at least twice the pipe flow
area, so the minimum length of the slots can be calculated using
Eq. (6.7). The minimum length determines the smallest barrel that can
accommodate the pipeline (Fig. 6.10). Solve this equation and round the
result up to the next readily available pipe size (e.g., if Eq. (6.8) were
16.91in (455 mm), a prudent person would expect that a barrel size of
18in (450 DN) would be difficult to fabricate and possibly difficult to
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acquire end caps and elbows and would call it 20in (500 DN)).
Generally the nozzle reinforcement calculations in ASME B31.8 do not
require reinforcement, but I generally include full saddle reinforcement
due to the (admittedly small) risk of the weight of the barrel full of liquid
hanging from a pipeline whose external coating in the vicinity of the
drip was field applied.
For example, a standard wall 12 in (300 DN) pipe would be config-
ured like:
* Pipe outside diameter: 12.750 in (324 mm)
* Pipe wall thickness: 0.375 in (9.53 mm)
* Pipe circumference at the OD: 40.05 in (1017 mm)
* Pipeline MAWP: 600 psig
* Estimated slot width: 0.9375 in (23.8 mm)
e Number of slots (circumference =+ slot width =+ 2): 21.36 (round
down to 21)
* Adjusted slot width: 0.954 in (242.3 mm)
* Slot centerline length: 12.75 in (324 mm).
*  Minimum barrel size: 18.031 in (458 mm)

T OD?,
leots = (67)
2 I/Vslot "Hglot
ODpipe* \/ ™ OD;tZJipe + 4 Wi,
IDl)arrehMm = (68)
2 VV\‘lot " Mglot
ODIZoipc
Lavail = IDbarrel' 1- IDiﬂml (69)

* Specified barrel: 20 in (400 DN) Sched 30 (0.5in (12.7 mm) wall
thickness) is the smallest size that will accommodate the minimum slot
length and the MAWP. Actual barrel length should be calculated based
on expected water influx during pigging.

Dual-line piggable drip. These devices (Fig. 6.11) serve two purposes:
(1) they connect two flow lines in a manner that allows two pig launchers
to share a single pig receiver; and (2) removing liquid from gas flow lines.
The inset in Fig. 6.11 shows why these units are particularly effective; the
two streams trying to join into a single space introduces significant angu-
lar velocity that tends to throw any liquid droplets to the slots. While
side-stream drips are only effective with liquids in the bottom of the pipe,
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Figure 6.11 Dual-line piggable drip.

and single-line piggable drips are effective with liquids in the bottom of
the pipe and annular flow, dual-line piggable drips are effective with strat-
ified flow, annular flow, and mist flow. These units have proven so effec-
tive, that the usual way to install them is to bring the pipe above grade to
install block valves and then back down to the drips installed below grade
like in Fig. 6.11.

The interaction of the two streams allows the total area of the slots to
be reduced to 1.25 times the pipe flow area (from 2.0 for single-line pig-
gable drips). The inside diameter of the barrel must now accommodate
both the slots and the geometry of the junction of the two lines. To
ensure the integrity of the barrel connection, the holes cut into the barrel
on the inlet side must be separated by at least 3 times the wall thickness
of the barrel. In most cases, making the barrel equal the MAWP of the
pipeline will require 0.500 in (152 mm), so that is a good first guess for
hole spacing and Eq. (6.10) is the straight-line distance from the center-
line of the inlet hole (which lines up with the outlet hole) on the ID of
the barrel and the centerline on the ID of the barrel of the branch hole.
The two inlet holes are so close together that full-encirclement saddles
interfere with each other. I have addressed this by trimming both saddles
and welding them together while welding the rest of the saddle to the
barrel.
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To revisit the example in the previous section, two standard wall 12 in
(300 DN) pipes would be configured like:

* Pipe outside diameter: 12.750 in (324 mm)

* Pipe wall thickness: 0.375 in (9.53 mm)

* Pipe circumference at the OD: 40.05 in (1017 mm)

* Pipeline MAWP: 600 psig

* Estimated slot width: 0.9375 in (23.8 mm)

e Number of slots (circumference/slot width/2): 21.36 (round down
to 21)

* Adjusted slot width: 0.954 in (242.3 mm)

+ Slot centerline length: 7.97 in (202 mm)

e Minimum barrel ID: 30.208 in (767 mm)

* Specified barrel: 36 in (900 DN) Sched 40 (0.75in (19.1 mm) wall
thickness) is the smallest size that will accommodate the minimum slot
length and the MAWP. Actual barrel length should be calculated based
on expected water influx during pigging.

The actual piping within the barrel is more complex than it looks.
There is a fitting called a “lateral” that connects two pipes in a 45-degree
configuration. These fittings have a bad reputation in Oil & Gas because
the crotch is high stress, and have been subject to stress-related corrosion
issues. Inside the barrel of the drip, the stresses are shifted to the straight
piping and the drip barrel, not the crotch and this issue does not exist in
this application. It turns out that cutting slots in a lateral is quite expen-
sive and prone to error. At the end of the day it is more economical to
have a machine shop cut the slots and the “birds mouth” on the straight
pipe and the profile on the branch on an NC milling machine and then
weld the two pieces together prior to assembly (Fig. 6.12).



392 Practical Onshore Gas Field Engineering

Figure 6.12 Piggable drip internals.

6.3.5.2 Pigging equipment

As we discussed in the last chapter, the only way to manage the risk of
internal corrosion in steel pipes is by removing any standing water. It
should have been clear in the last section that drip traps are only effec-
tive at removing the liquid that happens to arrive at the trap. Liquid
that accumulates away from drip traps is a serious corrosion risk and
will often have detrimental impacts on your ability to control operating
pressure at well-sites. Finally, accumulated liquid can become mobile for
reasons and at times not of our choosing, and the resulting slugs can do
real harm.

It is critical that we manage liquid accumulations as part of an ongo-
ing, carefully considered plan. The only way to manage these liquid accu-
mulations is to run a device through the line to displace the liquid toward
some piece of equipment that can capture it. This device is called a “pig.”
There are many apocryphal stories about where the name came from. It
has been proposed that it is an acronym, and it has been proposed that
the name comes from the squealing sound it makes as it travels down the
pipe. The acronyms are sometimes humorous (such as “pipeline inspec-
tion gadget”), but incorrect. The persistent story is that early pigs were
made of straw wrapped in wire and the sound was distinctive. The sound
of a pig traveling down a pipe is rarely distinguishable from the back-
ground flow sounds and when it is noticeable it doesn’t sound much like
a “squeal.” The actual genesis of the name is that early pigs were round,
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fat, and the end tapered toward something that looks slightly like a pig’s
snout. That was the limit of thought that went into naming this ubiqui-
tous device.

Pigs are used for many specific tasks. Pigs to remove liquid are fairly
simple and increasingly the industry is using “Turbo Pigs” (“Turbo Pig”
is a registered trademark of Girard Industries) which are reusable resilient
plastic with a central core and a number of cups or wipers. See the pigs
toward the right-hand side and the small pig in front on the left-hand
side of Fig. 6.13, but many people still prefer the traditional “bullet” or
porcine shape. If you need to clean the pipe walls of solids accumulations,
the pigs with brushes are available in both the Turbo style and the tradi-
tional porcine shape.

Today’s pigs are available in the traditional porcine shape, with or
without tough polyethylene coatings, with or without wire brushes.
Turbo pigs are available with a series of disks, cups, or wipers that
each do a specific job. You can buy spheres, or you can purchase a
mandrel that allows you to stack the equipment that makes sense to a
particular job. There are pigs with instrumentation to evaluate pipe
condition (called smart pigs). Different goals point you to different
equipment.

One lesson that must be relearned every couple of years is that spheres
require that the fluid behind them be similar in density to the fluid in
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Figure 6.13 Range of pigs. Courtesy of Girard Industries (www.girardindustries.com).
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front of them—they are a good choice to put between two different
hydrocarbon liquids in a liquid pipeline, but are not effective with liquid
on one side and gas on the other side.

Pig runs are initiated from “pig launchers” and terminate in “pig
receivers.” These devices need to:

* accept the pigs that are required to be run,

» facilitate batch chemical treatment,

+ allow for disposal of the liquids that come in with the pigs,
* operate quickly.

Launchers fit into two categories: (1) gravity launch and (2) pressure
launch. Gravity launchers operate by placing the pig in the device, sealing
the chamber (called a “barrel”), and opening the chamber to the process
pipeline and allowing the pig to fall down the inclined line into the flow.
These devices are not terribly effective and it can take considerable time
for the pig to actually fall into the flow.

Pressure launchers on the other hand require altering the flow path in
the pipeline to place the flow behind the pig. There is a class of pressure
launcher called a “pigging valve” that is very effective in many situations,
and they will be discussed under “trunnion ball valves” later.

The launcher and receiver in Fig. 6.14 represent nearly 30 years of my
evolution in designing pigging equipment. When I look at the equipment
that I did on my first project I dearly want to “fix” it, but it works and
I'm not going to apologize for designing this equipment based on designs
in common use in the industry. As usual the “designs in common use”
are the result of compromises between fabrication complexity, cost, and
operability (with limited input from the operators), and are not as good as
they could be. I've built upward of 20 launcher/receiver pairs to the exact
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Figure 6.14 Pressure launcher and receiver.
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design represented by Fig. 6.14 and it has been several years since I was

last tempted to tweak it.

One of the most important learnings has been that there is no valid
reason for a launcher to be significantly different from a receiver. I
learned this lesson when our gas marketing department found a new mar-
ket for our gas that required taking gas oft the opposite end of the gather-
ing system than we designed the system to provide. This required all
launchers to become receivers and vice versa. Some of the auxiliary
equipment was in awkward positions for the new functionality and
required adaptations in processes, but it worked after a fashion. The cur-
rent design would work well period.

We frequently have difficulty with terminology in communicating
procedures and instructions between peers. It is worthwhile to describe
the labeled items in Fig. 6.14.

Closure. The closure on a launcher or receiver should:

* Operate reasonably quickly.

* Have a pressure telltale as an integral part of the seal mechanism. This
means that you cannot open the closure while the equipment is under
pressure without there being a warning sound.

* Be supported by hinges or davits that would prevent the closure from
becoming a projectile in an opened-underpressure situation.

*  Be able to release pressure while still captured.

For many years all closures were “Huber-type” (lower image in
Fig. 6.15) which have ears on the outer circumference that are intended
to be hammered oft and back on. These closures fail all of the criteria
given in the previous list except for the first one. I have removed a
Huber-type closure under pressure (the vent line plugged with paraffin
after blowing down for 30 seconds) and it was very exciting—luckily I
was standing out of the line of fire and when it finally opened it swung
away from me instead of breaking my body.

The industry has largely transitioned away from hammer closures in
favor of Yoke-type closures which have a tapered ring (the °
Fig. 6.15) that hold the door tightly against the flange. The two halves of
the yoke are locked together with the yoke lock which is held in place

‘yoke” in

with a “telltale” nut on a drilled stud which noisily releases any trapped gas
when loosened. As the jacking bolts move the yoke halves apart, the door
can come off the flange if there is still trapped pressure, but it is still cap-
tured by the yoke so it can’t swing. When the yoke is fully open the door
can open. These closures satisfy all of the criteria given in the previous list.
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Huber Closure

Figure 6.15 Pig trap closures.

Barrel. The barrel is the pipe between the closure and the eccentric

reducer and it should:

Be one standard pipe size larger than the pipeline. Typically “the next
pipe size” for 16 in (400 DN) pipe is 20 in (500 DN) since it can be
difficult to find an 18 X 16 (450 X 400) eccentric reducer or an 18 in
(450 DN) closure.

Be long enough. Barrel lengths have traditionally been fairly short (on
the order of 5 ft 7 in (1700 mm) on a 20 in (500 DN) receiver) which
limits the equipment that can be run. The minimum length for a 6 in
(150 DN) launcher barrel should be 6 ft (1.83 m). For each pipe size
above 6in (150 DN) add 1 ft (0.3 m) (i.e., 8 in (200 DN) should be
7 ft (2.13 m), 20 in (500 DN) should be 12 ft (3.66 m), etc.).

Flange for extension spool. This flange on the barrel is an insurance pol-

icy against ever needing to run a very long pig. Regulations have begun
to require periodic pipeline inspections using smart pigs. Smart pigs can

be very long depending on how many evaluations are ongoing concur-

rently. Many operators are having to cut up launcher/receiver barrels to
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add piping to accommodate the long pigs, and then in many cases the

longer barrel is in the way of normal traffic. Note in Fig. 6.14 that there

is nothing connected between the closure and this flange. Having this
flange on the barrel allows you to drop in a spool piece of any length
without welding or disconnecting any piping.

Eccentric reducer. Use an eccentric reducer (with the flat side down)
between the barrel and the throat to facilitate shoving the pig into the
throat (with a concentric reducer or an eccentric reducer with the flat
side up it can be very difficult to get a heavy pig to engage in the throat).

Throat. The throat is the same size as the pipeline. When loading a pig
you try to engage the pig into the throat to seal the throat so that kicker
gas will not bypass the pig. The throat should be at least twice as long as
the maintenance pigs that you plan to run.

Pig signal. These devices (also called “pig indicator”) are used to
inform the operator that a pig has passed. They can be intrusive (i.e., an
arm reaches into pipe and a pig passing trips the arm) or nonintrusive
(i.e., they have the ability to sense the pig passage from the outside of the
pipe). They can be unidirectional (less expensive, but will break if you
run a pig through backward, rarely a good investment) or bidirectional.
Mechanical or electronic. This technology is changing rapidly and prior
to deciding on a device you need to see what is currently available. A pig
signal should be located to indicate that the pig has passed the barrel-
isolation valve. For launchers this is on the barred tee. For receivers it is
in the throat. Since we need to plan for someone requiring a change in
flow direction, it is prudent to either use a nonintrusive pig signal or to
use 4 pig signals for a launcher/receiver pair.

Process valves. All of the process valves should be full-port, trunnion
ball valves (see later for valve descriptions). The valves we are concerned
with are as follows:

* Barrel-isolation valve. A normally shut valve that is the same size as
the pipeline.

* Side valve. A normally open valve that is the same size as the pipeline
(this valve can be reduced port if there is a valid reason, but I don’t do
it).

* Kicker/bypass valve. Both valves should be sized to provide less than
0.13 psi/ft (2.9 kPa/m) at 100 psig (690 kPag) using Table 6.6. The
location for source/return gas has evolved over time. I have found that
with the current location I can build the entire launcher/receiver in a
shop and ship it bolted together which has resulted in cost savings.
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Table 6.6 Kicker line size

Pipeline size Kicker size Pipeline size Kicker size
41in (100 DN) 2 (50 DN) 6 (400 DN) 6 (150 DN)
6 in (150 DN) 3 (150 DN) 8 (450 DN) 6 (150 DN)
8 in (200 DN) 4 (100 DN) 2() (500 DN) 8 (200 DN)
10 in (250 DN) 4 (100 DN) 24 (600 DN) 8 (200 DN)
12 in (300 DN) 6 (150 DN) 30 (750 DN) 10 (250 DN)
14 in (350 DN) 6 (150 DN) 36 (900 DN) 10 (250 DN)

The kicker/bypass line should tie into the barrel about one barrel

diameter away from the flange for extension spool.

Barred tee. This tee needs to have pigging bars to make sure that you
don’t lose control of the pig.

PSV. This safety valve is required by many jurisdictions, and it is a
really good idea. It is possible (though not a good practice) to isolate the
launcher/receiver barrel full of liquid. In that eventuality any increase in
temperature will overpressure the barrel. Even if the barrel is just isolated
and drained, it doesn’t take much of a leaking valve to put gas into the
isolated barrel and in gas gathering systems that gas will be saturated with
water vapor. A launcher that is opened once a quarter will always have
some amount of liquid in it they are occasionally full. A very small ther-
mal relief’ will prevent this liquid accumulation from damaging piping
and/or valves.

Chemical injection port. I put a 1in (25 DN) valve on the sweep on the
pipeline side of the barrel-isolation valve to put chemicals directly into
the line in front of a pig. My issues with the ineffectiveness of most che-
micals are based on the inability of a flowing gas stream to keep them
mobile and transport them through the system. A pig can accomplish this
task quite effectively and facilitating their use is prudent. One chemical
that I have had good success with is called a “gel pig” which is a fluid
polymer that can be pumped into a line and then chased with a pig. The
polymer tends to do a great job of aggregating scale, sludge, and slime
into its matrix and can significantly improve the function of a line
clogged with solids. The chemical injection port makes this evolution
much easier. I put a chemical injection port on the receiver as well, but
this valve is only there in case the line needs to change directions (or you
need to run a pig backward to enhance cleaning).

Vents/drains. 1 put the barrel vent very close to the barrel-isolation valve.
This location was selected in response to several leaking barrel-isolation
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valves one after the other. When the barrel-isolation valve has a small leak,
the launcher is still usable, but when you seal the throat with the pig the
leaking gas will spit it out of the throat before you have the closure shut,
then opening the kicker valve will just bypass the pig. One inventive opera-
tor cut the handle oft of a shovel and braced the handle between the pig
and the closure, this allowed the pig to launch, but the stick had penetrated
the pig and became the pig’s “tail” on the cleaning run. When it arrived,
the tail prevented the receiver barrel-isolation valve from closing and the
line had to be blown down to remove the pig.

There is also a vent on the spool between the “flange for extension
spool” and the closure. That never gets used on the launcher. On the
receiver it is used to shift the pig out of the throat for retrieval (using the
other vent will stall the pig in the throat and it may not be possible to
extract it without opening the barrel-isolation valve with the closure
open, a practice that should be discouraged).

I put a drain on both launchers and receivers. On receivers the drain
is piped to some disposal container that can hold the liquid from the pig
run. On launchers I generally build a small containment area to drain
condensation. Some operators leave this drain open between pig runs
which adds to the surface corrosion inside the barrel and throat, but only
minimally and has not been a problem.

Sweeps. Long pigs can have difficulty traversing a “long radius
45-degree elbow” which is the proper designation of the most common
fitting used in gathering piping. By “long radius” ASME B16.7: Factory-
Made Wrought Buttwelding Fittings means that the radius of the bend at
the centerline of the pipe is 3 times the outside diameter of the pipe. For
launchers and receivers it is better to use a “hot bend” which is a length
of pipe that has been heated and bent to a specific bend radius. The most
common bend radius specified for launchers and receivers is 6D, but I
have seen 9D specified, the bigger the radius, the longer the pig that will
traverse it. When smart pigs first came into the industry it was common
for smart pigs to require 42D bend radius, but that excluded virtually all
pipelines from using these tools. The technology has evolved and now
most can pass a long-radius fitting, and all can pass a 6D sweep. When
specifying the fabrication of hot bends (also called “induction bends” or
“sweeps”), it is important to specify a minimum tangent length. The
bend starts with a length of pipe (e.g., 2 12 in (300 DN) pipe would have
60 in (152.4 mm) included a 6D 45-degree bend, the fabricator will start
with a pipe a bit longer if you don'’t specify a tangent), no matter how
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careful the fabricator is there will be some amount of ovality in the bent
pipe, welding this out-of-round pipe to straight pipe can be very difficult
and will frequently cause the weld to fail inspection. Adding pipe to the
bend solves this. I always specify a minimum of 18 in (457 mm) tangents.
It is common to get one tangent, i.e., 15 in (381 mm) and the other 21 in
(533 mm), but both will be round pipe.

6.3.5.3 Compressor-station piggable bypass

Late in the life of a field we often find it necessary to set a compressor sta-
tion on lines that sit between launchers and receivers. This usually results in
the line being declared “nonpiggable” or setting a receiver at the compres-
sor suction and a launcher at the compressor discharge. This works, but is
labor intensive to shift the pig. An approach that has worked very well and
that lends itself to automating is shown in Fig. 6.16. Valves V5, V6, V7, and
V8 are sized using Table 6.2. The distance between V5 and V6 should be
about twice the length required for a launcher barrel given in the figure.

In normal operations the valves are in the position shown (i.e., V1,
V2, V3, V6, and V7 are open; V4, V5, and V8 are shut). When you
decide to run a pig:

* Ensure that the pig sig is reset
* Shut V1
*  When the pig arrives

Open VI

Open V5

Shut V6

Shut V3

Shut V7

Open V8

Compressor Compressor
suction discharge

Figure 6.16 Compressor-station piggable bypass.
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Open V4
Shut V2
* After enough time for the pig to pass V4:

Open V2

Shut V4

Open V6

Shut V5

Shut V8

Open V7

Open V3

Reset the pig sig.

This sequence never puts the compressor station in recirculation and
minimizes the time that the header is isolated. We had one of these assem-
blies on a line with six launchers sharing a receiver—all of the pigs were
run once or twice a week so a launcher/receiver pair would have been
very manpower intensive. After some learning curve we finally reached the
point where the compressor-station operator didn'’t even have to attend his
compressors during pig runs because this process became very routine.

6.3.6 Gathering-system valves

When you look at the final costs of a gathering system you usually see
that the cost distribution is something like Table 6.7. With any of these
materials, valves represent a significant cost. Selecting valve technology
can be confusing. The three most important decisions about valves are:
(1) what kind of valve to use; (2) which valves will be actuated; and (3)
will block valves be in cans or on the surface.

Almost every sort of valves has places where it should be chosen.
Some valve choices are “Ford vs. Chevy (Holden for the Australians),”
but most are not. On my first project I told the supply house that I
needed “twenty 8 in valves,” and I got what I deserved. Eighteen of them
were ball valves, two were gate valves. I didn’t specify that the valves
should comply with the dimensions of API 6D, and found that if you don’t
specify a length then all of those valves that are on back shelves that don’t

Table 6.7 Valve costs

Labor Pipe Valves
Steel Highest Second Third
HDPE Highest Third Second

RTP Third Highest Second
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comply will come to your job, valve manufacturers tended to be very crea-
tive about valve lengths when no one specifies a standard. There were at
least 10 different flange-to-flange distances. The significant cost reduction
received for ridding their shelves of unsellable valves was more than offset
by increased fabrication costs (e.g., we built one fabrication in the shop
using valve “A” dimensions and took it to the field and tried to put valve

“B” in a spot that was 2 in (50.8 mm) too short). Always make technology

choice and an objective standard part of your valve specifications.

It was once common for valve manufacturers to provide a plot of
valve position vs flow. The closer this plot was to a straight line, the better
the throttling characteristics. This measure was called “linearity” and it
was very useful. Something like a “needle valve” had excellent linearity
in that from nearly any starting point in the valve travel, a 1% change in
valve position would result in very close to a 1% change in flow. On the
other hand, a gate valve will flow nearly 100% of maximum flow when
the valve is 12% open, and even within that 12% of travel you get a dif-
ferent change in flow as you move 1% toward open than you do for the
same change in valve position going toward shut. It is rare to see this plot
any longer, but it can still be useful to talk about a valve’s linearity.

Fig. 6.17 demonstrates an important concept in valve performance
known as “linearity” The most common valve designs are:

* Linear: Anywhere in the valve travel, a change in valve position by
some percent of full travel will yield about the same percentage change
in flow (relative to maximum flow). While this design is very effective
for manual operations it is reasonably difficult to program a PLC to
utilize linear valves.

* Equal percentage: Once flow is established a change in valve position
(as a percent of full travel) will provide the change in the flow (relative
to the initial flow) that is the same magnitude of change across valve
travel. For example, if increasing the valve opening from 10% to 20%
increases the flow to 170% of the rate that the valve could pass at 10%
open, then increasing from 50% to 60% would increase the flow by
170% of the 50% value. This concept is difficult for most of us to get
our heads around, but it is very easy to program into a PLC.

*  On/OfE: Flow is largely unrelated to valve position after a very short start-
up period. On/Off valves will generally pass over 75% of maximum flow
at less than 10% open, and nearly 100% of maximum flow rate at some-
thing less than 30% open. On/Off valves in throttle service are nearly
impossible to program into a PLC successfully.
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Figure 6.17 Valve linearity.

Historically, valve manufacturers regularly provided charts of valve
position versus flow, but that concept has become rare in manufacturing
literature. Today it is more common for valve manufacturers to provide a
table of valve position vs “flow coeflicient” (usually designated “c,”). One
particular manufacture provides a table of ¢, with a value for each 10%
of travel that can be used to generate a linearity curve (“linear” trace in
Fig 6.17). This same data is used to calculate flow rate. One version of
this calculation (there are many, confirm that the equation you use is
compatible with the valve and the fluids you are calculating) is presented
in Eq. (6.14) (Fisher). For valves with markedly nonlinear performance it
can be very misleading to use a ¢, for any valve position less than 100%.

P, upstream Pownstream

dpai =
e Pupstream
Y=1-— dpmtio
k—1
RO L P P (6.14)
1.4 k+1

0.5
dpmtio
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Figure 6.18 Gate valve.

6.3.6.1 Valve technologies

There are many types of valves to serve a wide variety of applications.
Some technologies like swing check valves or small-diameter choke valves
are widely used in the industry, but aren’t often part of gas gathering sys-
tems. For that reason I won’t discuss them in this section.

Other technologies can be described as “manufacturer specific” and
lack a general means to describe them. Valves like the Fisher V-Ball or
the Argus Pigging Valve are important to many gas gathering systems, but
those applications are so specific that they need to be researched in light
of the technology as it has evolved up to the time you are considering
valve technology for a specific project.

In this section I'll limit the discussion to: (1) gate valves, (2) plug
valves, (3) butterfly valves, (4) globe valves, (5) floating ball valves, and (6)
trunnion ball valves.

Gate valve. Gate valves (Fig. 6.18) are the primary on/off block valve
in water and steam service. These valves operate by sliding a “gate”
between two seating surfaces. In most industrial service the gate is wedge
shaped and the tighter you close the valve the more force is applied to
seal the gate and the seats. In wellhead service the gate is flat and has a
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Plug

Figure 6.19 Plug valve.

hole that you align with the pipe to flow or offset to the pipe to stop
flow. Wellhead gate valves work by the alignment of the port and apply-
ing more shutting force will not improve the seal.

Gate valves are mostly metal-to-metal seals and have proven to be rea-
sonably poor at sealing natural gas lines and are primarily used in liquids
or steam. Most of the wedge-gate valves are “rising stem” which means
that as you turn the hand wheel the stem rises out of the valve and brings
the gate along with it. These valves can be quite tedious to operate (e.g.,
one manufacturers 12 in (300 DN) gate valve requires 100 full turns to
go from fully open to fully shut). Gas field operators that are very familiar
with Y4 turn valves like ball valves, butterfly valves, or plug valves will let
you know their displeasure at having to operate rising stem gate valves,
generally in very colorful language. Not effective for throttling.

Some gate valves are piggable, but the seats in some gate valves have a
reduced flow area and are not piggable.

Plug valve. The valves on the Roman aqueduct system were “plug” or
“stopcock” valves. Plug valves (Fig. 6.19) have a plug in the flow stream
that is either positioned to stop flow or rotated 90 degrees to allow flow
through the drilled hole in the plug. Modern plug valves have a mecha-
nism to lift the plug while rotating it toward open to reduce the sliding
friction and reduce the risk that the sliding plug will scratch the seating
surfaces. Plug valves must be lubricated periodically, which generally
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makes them inappropriate for raw-gas gathering systems (since mainte-
nance on those systems seems to be quite spotty), and certainly inappro-
priate for placing in valve cans (see later).

I once called for shutting a 4 in (100 DN) plug valve that had been in
a valve can for 7 years without maintenance or operation; it wouldn’t
budge. The operator put a 4 ft (1.22 m) cheater bar on the valve and it
still wouldn’t budge. This progressed until the construction manager put a
20 ft (6.1 m) length of pipe on the valve and tried to close it using the
bucket on a rubber-tired hoe; still wouldn’t budge. Finally we moved the
isolation back to an upstream ball valve and removed the plug valve for
maintenance. When we tried to take it apart, the plug was fused to the
seat and no combination (that we could find) of heat, cold, or force
would free it. We finally just tossed it in the scrap metal bin.

My recommendation is to not use plug valves unless you can assure
yourself that they will receive regular maintenance even with the next
company reorganization and the one after that. Since no oil and gas com-
pany of my experience could make that promise, I don’t recommend plug
valves in gas gathering. Like gate valves, they have generally been metal-
to-metal seats, and also like gate valves they are not effective for throt-
tling. Plug valves are also not piggable.

Butterfly valve. These valves (Fig. 6.20) have a flat plate in the flow
stream that rotates around a post near the center of the pipe. Recall from
Chapter 5, Well-Site Equipment, that a bluft body in a flow stream will
shed highly energetic vortices (called von Karman Streets). These von
Karman Streets are quite energetic and can act on the bluft body (espe-
cially when the bluff body is attached to the plate that extends well into
the disturbed area). It is common for the flat plates to break off in an
energetic stream. These valves work marginally well in occasional flow
(e.g., as a shutoff valve for tank filling where they are almost always shut,
and when they are open they stay open for a brief period), but not so
well in a normally open flow configuration.

Butterfly valves (Fig. 6.20) have the benefit of being available in a
“wafer” style that allows them to sit between two pipe flanges without
flanges of their own; this greatly reduces the space required for the valve.
They don’t work terribly well, but they fit in a small space. You can pur-
chase variants of the inexpensive butterfly valves with names like “triple
offset” and “double offset.” The “offset” indicates that as the central shaft
rotates, the center of the plate rotates about a different axis. This offset
characteristic is intended to minimize wear on the elastomer seal, and
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Figure 6.20 Butterfly valve.

some manufacturers claim that it improves throttling characteristics. In my
experience these (more expensive) adaptations provide minimal improve-
ment in throttling and I’ve never had a butterfly valve fail due to wear on
the elastomer seat so I'm not sure if the reduced wear has real value.

The handle (or gearbox if it has one) must have a locking mechanism
that will hold it in the position you desire, without that lock the forces
on the plate will tend to slam it open and then shut on a very short cycle.
You should not throttle with a butterfly valve (poor linearity and very
high forces on the plate) and they are the least piggable valves available.

Globe valve. Globe valves (Fig. 6.21) include a change of direction and
a disk that moves up and down relative to the centerline of the pipe, but in
the same direction as the local flow. Globe valves include needle valves
(very steep angle, the edge of the disk is close to 90 degrees from the face;
so that a small movement results in a small change in flow area), dump
valves (very shallow angle, the edge of the disk is closer to 45 degrees than
90 degrees; so that a small movement results in a larger change in flow
area), and many “trim” combinations in between. The valve trim is a term
that describes the eftective size of the opening when the valve is fully open
and the shape of the angle on the disk (e.g., in the valve in Fig. 6.17, when
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Figure 6.21 Globe valve.

the valve is fully open the flow area is equivalent to a 1 in hole, and the
high degree of linearity indicates a fairly steep angle).

There are more globe valves in throttling service than all other valve con-
figurations combined. There are non-globe valve configurations designated
as “chokes” and “modified ball valves” that have a flow profile that is more
consistently linear than a globe valve, but none of them has ever achieved
the installed base that globe valves have. Globe valves are not piggable.

Floating ball valves. A floating ball valve (Fig. 6.22) has a drilled ball
that floats (i.e., it is not mechanically connected to anything at all)
between two seating surfaces. The actuator fits into a slot in the top of
the ball and rotating the handle 90 degrees clockwise mates the smooth
sides of the ball to the seating surfaces and shuts off flow. The hard-
surface-ball seats against a resilient seat which is made of material consis-
tent with expected pressures, temperatures, and fluids (e.g., high-pressure
valves in CO, service cannot have Teflon seats because the CO, will fill
the tiny void space in the Teflon and turn into dense phase which will
rapidly expand when the pressure is eventually reduced; the expansion
will damage the surface of the seal).

Rotating the handle 90 degrees counterclockwise aligns the drilled
hole in the ball with the seating surfaces and allows flow. Floating ball
valves seal via the differential pressure across the ball pushing the ball into
the downstream seat. At the same time the ball is slightly off the upstream
seat and the entire body cavity is exposed to upstream pressure. When dP
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Figure 6.22 Floating ball valve.

is less than about 2—5 psi (14—35 kPa) difterential pressure, the valve acti-
vation becomes questionable (i.e., it is not assured that the force from the
dP will exceed the force of gravity trying to shift the ball off the seat),
the larger the valve the larger the dP required to seat the ball.

Floating ball valves are available in “normal” and “full-port” config-
urations. Normal port valves are also called “reduced port” because the
hole in the ball is one pipe size smaller than the valve size (i.e., a 10in
(250 DN) reduced-port valve will have an 8in (200 DN) hole in the
ball). Reduced-port valves came about because it is expensive to fabricate
a large, smooth, shiny ball and the larger the ball, the more expensive. In
the early days of ball valve deployment (the first patents for ball valves
were in the 19th century, but the first successful commercial ball valve
was marketed coincident with improvements in elastomers after World
War II), the expense of fabricating the balls was very high and full-port
ball valves were often twice as expensive as normal port valves. Over time
improvements in materials science and manufacturing technics have
greatly reduced the full-port premium nearly to the point that you
are more likely to find full-port than reduced-port flanged valves on
the shelves in supply houses for about the same price.

Floating ball valves are piggable, and they have poor throttling
characteristics.

Trunnion ball valve. A “trunnion” is defined as (Webster) “a pin or
pivot forming one of a pair on which something can be rotated or tilted.”
Early trunnions were used in cannons (Fig. 6.23). In that service the trun-
nion is used to change the elevation of the shot, support the weight of
the cannon, and transfer the forces of firing a shot to the carriage. In a
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Figure 6.23 Example of a trunnion.

Figure 6.24 Trunnion ball valve.

trunnion ball valve (Fig. 6.24), the trunnion is used to hold the ball rig-
idly in position against the forces of flow (or no-flow), transfer the force
of the fluid to the valve body (and ultimately to the ground), and allow
for the positioning of the hole in the ball relative to the flow.

With the ball held rigidly and unable to shift along the pipe centerline
to activate the seats, this necessary activation is provided by very heavy
springs that push the seals against the ball with great force. Consequently,
all trunnion ball valves come equipped with a body bleed that allows the



Gas Gathering Systems 411

Figure 6.25 Pigging valve.

body cavity to be bled down to atmosphere while the valve is shut. Many
people (including me) find this to be a superior positive isolation for
maintenance to two floating ball valves with an evacuated length of pipe
between them (remember that the ball in a floating ball valve requires
some differential pressure to be activated, in this scenario the dP on the
side of the piping being worked on has very low dP and seepage past the
high-pressure side will find its way to the work site). People (including
some regulators and some companies) that reject this concept point to
the self-relieving characteristic of trunnion ball valves. These valves
are designed such that if too much pressure builds up in the body cavity,
the valves will relieve the pressure out the downstream seat. This is true
and if the body cavity was not vented, the valves would not be effective
for isolation for maintenance, but they do have a body bleed.

Pigging valves (Fig. 6.25) are always trunnion ball valves first. These
valves have a port on the side of the valve that can be opened to allow
you to load a pig into the cavity on the ball. If you were to add the same
port to a floating ball valve the leakage across the upstream seat would
prevent you from being able to safely open the body cavity. The
“receiver” version of pigging valves has a perforated plate adjacent to the
downstream side of the ball to capture the pig.
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Trunnion ball valves should not be throttled (they have poor linearity)
and are piggable.

6.3.6.2 Valve actuation

Most valves can be equipped to operate via pneumatic, electric, or

mechanical actuators, but you always have to ask the question “should

they be?” Valve actuators are expensive, and valves that are seldom oper-
ated are unlikely to save enough labor over their life to justify the cost. In
general limit actuation to:

» Safety issues (e.g., an “emergency shutdown or ESD” valve must be
actuated)

» Control issues (e.g., a valve that is part of a control algorithm must be
actuated)

» Frequently operated big valves (e.g., the barrel-isolation valve and side
valve on a 12 in (300 DN) launcher/receiver should be actuated, smal-
ler equipment likely should not be).

Open/shut. For i turn valves, we can actuate them with either pneu-
matic or electric rams attached to appropriate gearing. For vertical-
movement valves (mostly globe valves), it is common to actuate them
with diaphragm actuators using field gas or control air. Rising stem gate
valves are rarely actuated outside of steam plants.

Throttling. Control valves that need to be held in an intermediate posi-
tion are generally positioned with a pneumatic diaphragm, but increas-
ingly we are able throttle with electric-motor actuators (not, solenoid-
operated actuators, they are inappropriate for throttling).

Activation energy. Whether the energy to position valves comes from
control air, process gas, or electricity, it is important to know that there is
enough of it. Three examples illustrate how to fail at this:

*  We installed a booster compressor station in the midst of a gathering
system. When we lowered the line pressure on the upstream wells to
under 5 psig (34.5 kPag), the pneumatic actuators on the separator
dump valves would not operate and the separators flooded.

*  Our first response to the low control-gas pressure was to set nitrogen
bottles to provide the activation energy, but found that our careful cal-
culations of required volume for weekly visits to the nitrogen bottles
did not take into account that the seals on the level controllers were
12 years old and leaking badly—the nitrogen bottle lasted 3—4 hours.
Our final solution was to simply bypass the separators and expect the
compressor-suction scrubber to do the job.
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A device installed to get gas out of a water system used Y4 turn electric
actuators on ball valves to let the gas out. These valves actuated every
6—20 seconds around the clock. We calculated that a 200 W solar
panel with two 12V batteries would provide adequate power. The
system worked fine for three sunny days in a row, but the fourth day
was cloudy and at 2:00 am the battery voltage got too low to operate
the valve and refused to shut the gas outlet valve which allowed the
downhole pump to pump directly into the gas gathering system until
a small tank at the compressor-station inlet reached a high-level alarm
and shut the site down. The failure in our calculation was that the ser-
vice was dirty and the power required to operate the valve had almost
doubled in 3 days of operation. We reevaluated both the size of the
solar panels and the number of batteries and fixed the problem.

In other words, it pays to be very pessimistic about how much energy

is available to operate actuated valves and how much is required.

6.3.6.3 Pipeline valve locations
Pipeline valves are located on the gathering system in several locations:

At the start and end of each flow line (e.g., at the well-site and at the
trunk, at both ends of the trunk, etc.)
On pigging equipment
On either side of any high-risk line section
On both sides of a river crossing
On both sides of a major highway crossing
At a classification break (i.e., a line designed for very low popula-
tion density has to approach a housing development for a short dis-
tance, you can set block valves with actuators and process control
before reaching the houses and another after you leave the houses;
if your instrumentation and control are adequate then only the sec-
tion between the block valves will need the lower design factors).
The next question is “should the valves be above ground or below

ground?” If they are below ground, you have to further ask “do the valves

need to be accessible for maintenance?” If the answer to these questions

1

“below ground due to freeze issues” and “no, we don’t maintain valves”

then you can possibly use an “extended-reach” ball valve which looks

much like Fig. 6.22 or 6.24 except the valve bonnet (i.e., the area above
the ball and below the stem seal) is extended 3—6 ft (1—2 m) above the
ball so that the valve can be set with just the actuator above ground,

without having to bury stem seals or having dirt acting on the stem.



414 Practical Onshore Gas Field Engineering

If extended-reach ball valves are not an option for your project you
are limited to the choice between: (1) valve cans and (2) doglegs.

Valve cans. Many producers-as-gathering-system-operators built water
gathering systems in conjunction with gas gathering systems. While gas
pipe is reasonable to bring to surface for tie-ins and block valves in any
climate, water systems are less forgiving of freezing temperatures. The
producer’s response was often to put all block valves in “valve cans.” Most
commonly a valve can is a corrugated culvert, laid on its end, and a top
cap is attached near ground level. Often, the producers specified that the
top cap have remote operators for the valves in the can.

Putting valves in cans had the perceived benefits of providing freeze
protection and protecting the valves from vehicular traffic. They do pro-
tect the valves from a vehicle sliding into them. Over time we found
that the freeze protection was wishful thinking and pipes in cans would
often freeze. A response to freezing pipes was to fill the can with
organic materials like cottonseed hulls. This fill turned out to be a great
bedding material for rodents so we started finding valve cans full of rats
and mice. In the San Juan Basin one of the species of rodents that
inhabited valve cans was the deer mouse, a known carrier of the hem-
orrhagic fever called Hantavirus. Now the valve cans are biohazard
spaces. We also found that where mice and rats live, snakes will follow.
You haven't lived until you've opened a valve can to see a 90 ft (20 m)
long rattlesnake ('m certain it was at least 90 ft long, I'm also certain
that the guy that bravely went and removed it was just teasing when he
showed me a pretty normal sized 3 ft (1 m) long snake). The rules for
working in confined spaces also changed so that entering the can to
maintain the valves required confined space precautions which include a
lifting harness, winch, and someone to operate the winch (in addition
to the biohazard suit and supplied air).

Other downsides to valve cans include:

* They fill with silt and mud (the can in Fig. 6.26 was opened to grease
the valves, the water line was under 12 in (305 mm) of mud).

* The remote handles tend to bind with differential settling (and the u-
bolts that people use to attach the remote actuator to the valve hand-
wheel tend to rot oft in a very few years).

* The cans themselves settle and have actually cut through nonsteel pip-
ing and they often damage the coating on steel pipe.

* Finally, the cans represent an attractive place for children to play
“fort” and when valve cans are close to housing it is mandatory to
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Figure 6.26 Valve can filled with silt.
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Figure 6.27 Valve dogleg.

lock the cans shut and to verify the locks are in place and intact on a

rigid (and frequent) schedule. The lids on these cans tend to be quite

heavy and there have been reported incidents of children getting into

a can and not being able to get out.

I was working on a gathering-system design that included valve cans
on the day that it was announced that in the future valve cans would be
treated as biohazard confined space. I immediately changed the project
valve-set philosophy and have never set another valve can.

Doglegs. A dogleg (Fig 6.27) is an alternative to a valve can for gas
valves. There are as many variations of doglegs as there are engineers
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designing gathering systems. The functions that a dogleg should provide

include:

* provide a purge point for the flow line;

* provide for isolation (including positive energy isolation) of the flow
line;

+ facilitate pigging flow lines.
The dogleg in Fig 6.27 has some unique features for a new gathering

system:

* It is expandable. As wells are drilled, unbolt the pierced blind flange
on the tee, bolt in another tee, and reattach the blind to the new tee.

» It allows tie in connections with minimal gas blowdown. One of my
clients has a stack of tie-ins with 8 wells in one stack.

* Easy location for double block and bleed or insert blinds with minimal
gas blowdown.

* The lines coming into the stack will normally be individual well-site/pad
lines, but there is no reason that they can’t be other trunks or line loops.

6.3.6.4 Valve summary

Use Actuate Gas gathering applications

Plug On/oft Piston None

Gate On/off Pneumatic spinner None

Globe Throttling Pneumatic diaphragm  Flow control

Butterfly On/off Piston (rare) Low criticality intermittent

service

Floating ball ~ On/off Piston Moderate to high pressures
Trunnion ball  On/off Piston All pressures

6.3.7 Positive energy isolation

For certain types of work, such as hot work in a confined space, there are
significant hazards to life and health that must be managed carefully. One
of the ways that we manage those hazards is with positive energy isola-
tion. For someone standing in hip-deep brackish water working on an
electrical circuit, just opening a breaker is probably inadequate isolation
and she is going to want that breaker physically removed from the panel
before she steps into the water. For pressure energy or explosive fluids,
positive energy isolation is a bit more complicated, but still achievable.
Before getting into details on how to do positive energy isolation on
pipelines, I need to point out that every pipeline welder of my
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Figure 6.28 Preparing a pipe for welding.

acquaintance (which includes growing up in the home of a pipeline
welder) prefers some fire at a weld site (Fig. 6.28, the lower pipe is belch-
ing fire) over no fire at a weld site. The reason for this is simple—as a
blow-down pipeline sits, some amount of vapors will condense, lowering
the pressure in the line to below atmospheric and welding on the line
will “suck fire” and can result in an explosion deep in the pipe. If there is
fire at the site then the welder is confident that the fire is in control rather
than out of control. The 21st century engineers are often far too quick to
require positive energy isolation for far too many jobs.

Another recent tendency is to make something “safe” by adding a
nitrogen blanket on the pipeline. When doing this, we need to remember
that workers breathe air, not nitrogen. A worker in a bell hole can easily be
overcome with a lack of oxygen during a nitrogen purge and will often
not notice he is in trouble until he collapses. If a job cannot be done with-
out a nitrogen purge (rare), then the procedure must specify oxygen moni-
tors for all workers in restricted spaces. This is a very visible and common
example of where our “safety culture” is actually making things less safe.

In cases where positive energy isolation is actually necessary and use-
ful, we most often talk about three techniques: (1) double block and
bleed, (2) insert blind, or (3) remove/misalign piping.

Double block and bleed. In essence, double block and bleed is providing
two independent sealing surfaces with the space between them open to
atmosphere. Often there can be considerable distance (miles or kilometers)
between the two block valves on a gathering system, which is perfectly
acceptable to the isolation requirements. Any valves out of their normal
position must be clearly labeled with the name of the project being worked
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-

Figure 6.29 Spectacle blind.

on, the required position (i.e., “open” or “shut”), the date and time, and
the words “Do Not Operate.” As mentioned earlier, many of us consider a
single trunnion ball valve to be better double-block-and-bleed than two
floating ball valves (which are always acceptable to anyone’s procedure)
since the dP between the blowdown space and the work space is inade-
quate to activate the seals on the work side of the isolation. Some regula-
tors and some companies disagree with this technical assessment.

Insert blind. The most common form of insert blind is the “spectacle
blind” (Fig. 6.29) that is a manufactured unit made for the pressure rating
of the flange. The left-hand photograph of Fig. 6.29 is set for no-flow,
the center is set for flow.

Unfortunately for many projects these spectacle blinds are not always
available where they are needed for a particular job. If they are not avail-
able then you might have to use an “insert blind” (also known as a “skillet
blind” or “line blank”). An insert blind is a flat plate of steel sized to fit
between flange faces. Blinds provide maximum positive isolation, are not
prone to accidental or unauthorized operation, and are readily identifiable
where installed. Proper blinding techniques, to be developed locally,
should be followed. Blinding locations are sometimes difficult to access
(i.e., buried pipe flanges) and may require portions of existing systems to
be included in the isolation.

If an insert blind is used, it is typically fabricated from mild steel plate
(such as ASTM A515-70 or A516-70). The width of the handle on the
blind should be 1in (25 mm), minimum and handle length should be
6 in (152 mm), minimum beyond the outer flange face. Minimum blind
thickness is specified in Table 6.8 (thicker stock can be used if it is more
readily available). For larger sizes use Eq. (6.15), but ensure that the
deflection term 1is less than one-half of plate thickness (much more than
that and removal of the plate can become very difficult).
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Table 6.8 Insert blind thickness

100 psid 285 psid 740 psid 1480 psid

2 in (50 DN) 0.125 in 0.125 in 0.125 in 0.125 in

(3.2 mm) (3.2 mm) (3.2 mm) (3.2 mm)
3in (75 DN) 0.125 in 0.125 in 0.125 1n 0.139 in

(3.2 mm) (3.2 mm) (3.2 mm) (3.5 mm)
4in (100 DN)  0.1251in 0.125 in 0.156 in 0.185 in

(3.2 mm) (3.2 mm) (4.0 mm) (4.7 mm)
61in (150 DN)  0.1251in 0.184 in 0.233 in 0.278 in

(3.2 mm) (4.7 mm) (5.9 mm) (7.1 mm)
8in (200 DN) 0.1891in 0.245 in 0.311 in 0.370 in

(4.8 mm) (6.2 mm) (7.9 mm) (9.4 mm)
101in (250 DN) 0.236 in 0.306 in 0.388 in 0.462 in

(6.0 mm) (7.8 mm) (9.9 mm) (11.7 mm)
12in (300 DN) 0.283 in 0.368 in 0.467 in 0.555 in

(7.2 mm) (9.3 mm) (11.9 mm) (14.1 mm)

This table is based on using ASTM A515-70/516-70 plate material.

Note: Blind thickness specified in this table is intended for insert blinds that will be used to isolate
piping during a static test only, and is not appropriate for determining required thickness for nontest
applications (i.e., permanent insert blinds).

Due to difficulty of fabrication, insert blinds thinner than 1/8 in (3.2 mm) should not be used.

2
3

_ (=) Gty S
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(6.15)

Misalign/remove piping. Finally, you can ensure that the work area is
free of both pressure and explosive gases by removing a section of piping
or unbolting a flange and shifting one side or the other the width of the
flange (it is common to run a stud through a bolt hole on the top of one
flange through a bolt hole on the bottom of the other flange).

In gathering systems this option is often the most difficult technique
to achieve positive energy isolation. Field piping is generally subject to
unpredictable forces due to uneven soil settling. Sometimes it is simply
impossible to get two flanges to bolt back together after disconnecting
them and the piping will have to be cut and reweleded. I've found that if
field workers struggle with a makeup for more than an hour we will
eventually have to involve welders (usually after several hours of nonpro-
ductive hard work) so I will proactively shut a struggle down after an
hour and call in the welders.
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6.4 DESIGN ISSUES (EPC)

Once you've selected pipe material and pipe size, there are a num-
ber of other things that you must be concerned about and decisions you
must make prior to actually ordering material and acquiring ROW.

6.4.1 Acquiring ROW/route selection

Once you've picked the materials of construction, you have to pick the
gathering-system route to get from the wells to the delivery point(s).
Using tools like geographical information systems, digital topographical
maps, and even Google maps, you can lay out a route that optimizes the
system hydraulics and minimizes obstructions, but that is only the start.

Someone owns the land you need to cross. Various obstructions need

explicit government permits to cross. Sometimes there are cultural con-

siderations that must be accounted for. Some land owners are easier to
work with than others.

Once you have picked a route, you need to turn it over to someone
who can acquire the ROW and permits. Sometimes company personnel
can/will help with this, but more often than not you will have to find a
land contractor. The land contractor will do some or all of the following
list, it is often up to the project engineer to make the decision on how
much the land contractor will do vs the engineer contracting for each
task independently:

* Determine surface ownership on the land being crossed.

* Assess the land ownership for red-flag items (e.g., land owners who
have refused to do business with your company in the past, known
sites of historical interest, etc.). This red-flag assessment nearly always
results in reroutes.

* Execute letters of intent with surface owners to lease/sell you the
ROW you need contingent upon final routing.

*  When the surface route is adequately secured, arrange for preliminary
surveying and staking.

* Arrange for environmental and archeological surveys.

* Coordinate preparation of environmental assessment.

* Adjust the route to deal with archeological and environmental con-
cerns and resurvey.

* Acquire permits and ROW.

* Arrange for construction surveying and staking.
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* Sometimes arrange for construction drawings.
* Arrange for any required as-built surveying/drawings.

Four distinct reports/packages come together to make up the “envi-
ronmental assessment” package: (1) the environmental assessment,
(2) arch report, (3) threatened and endangered (T&E) species report, and
(4) drawing package. All of these elements are packaged together into the
environmental assessment.

6.4.2 Environmental assessment

Exact requirements vary widely from jurisdiction to jurisdiction (and
project to project). Knowledge of a particular agency’s hot buttons can be
crucial to the acquisition of permits. Every jurisdiction has something
that looks like an environmental assessment (although it often has other
names). The environmental assessment document includes the arch
report, T&E, and the drawing package, but it also has a number of addi-
tional sections:
* Climate at project site
+ Site topography, soils, and geology
* Surface and subsurface water
» Safety standards
* Grazing impacts of the project
* Community health and safety
* Air quality impacts of construction activities and completed project
* Visual impacts of construction and the completed project
* Noise impacts of construction and the completed project
* Impacts to recreational activities
*  Mode of transportation and primary routes of equipment and workers
*  Waste management

Skipping any of these elements will often result in delays or outright
rejection of the project. I failed to include a description of how we were
going to transport workers to the job site once, and this happened to be a
particular regulator’s key issue. She called me and asked, and I responded
flippantly that they were going to drive. She rejected the permit. We
amended the environmental assessment to indicate that we were going to
bus the workers from town and our permitting agent asked me to just
not talk to regulators in the future—the regulator’s issue was that more
vehicles on the road would create more dust and road degradation, a rea-
sonable concern that I handled poorly.
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6.4.3 Arch report

A “cultural resources inventory” is generally called an “arch report” in the
construction industry. It provides a detailed description of the results of lit-
erature searches and site surveys. The report must be written by someone
recognized by the permitting body as an expert (often through a licensing
process). The report is absolutely non-negotiable, once a site has been
identified it will be placed in the arch report and you will be required to
document how you will deal with it. Your choices for dealing with it are:
(1) reroute to avoid the site, (2) remain adjacent to the site and provide
arch monitors and site flagging to ensure that if you discover an extension
of the site you will stop work and deal with it, and/or (3) protect the site
(this is rare and the protection methods are quite technical).

At the end of the day, it doesn’t matter that the vast predominance of
the number of arch sites are midden piles (i.e., “a refuse heap” (Webster))
and the largest artifact will be a pea-sized pottery shard, if it is an arch site
you have to treat it like it was the Colossus of Rhodes arisen from the
sea. Never enter a marked arch site without the permission from and
monitoring by an archeologist. We had a surveyor enter an arch site to
search for arrowheads (which have actually been very rare on pipeline
arch sites in our area). The search included scratching the surface with his
boots (no digging tools). The archeologist saw the disturbance the next
day, shut down the job, and called the state archeologist. The job was shut
down for 12 days (with everyone on full pay) and the surveyor was fined
by the state and fired by his employer. It was a very big deal and if the job
had been 20 miles north of its actual location (another jurisdiction) he
certainly would have ended up with jail time. Take archeology seriously.

6.4.4 T&E species

Some flora and fauna are protected by government agencies. Typically

your project is not allowed to:

+ disturb the nesting/calving/growing areas in any way;

+ disturb the species while propagating;

* conduct any activity that has any risk of impacting reproductive
activities.

This survey is conducted by a licensed biologist and often requires
months of fieldwork to clear your site. If the biologist finds anything at
all, you have the options of: (1) abandoning or relocating your project; or
(2) spending the next decade in court prior to abandoning your project.
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I have never heard of anyone winning one of these disagreements and the
people who tried have all regretted the choice.

Sometimes the T&E report will set a deadline for ending activities. If
you accept this challenge, make certain that all equipment has been
moved out of the affected area prior to the deadline or it will have to stay
until the end of the nesting/calving period, and your project has to pay
rent on the equipment until the ban is lifted, it can get expensive.

6.4.5 Drawings

The workhorse drawing for gathering systems is the “alignment sheet.” It
shows land ownership, system route, “stations” (i.e., points of inflection
or PI, crossings, tie-ins, etc.), elevation profile, and any environmental,
archeological, or hydrological issues. Alignment sheets have a number of
formats, with different approaches to providing the information, and
most of the formats are useful.

Fabrication drawings like the example in Fig. 6.30 are used to show
how the various bits and pieces of the project fit together. In this case the
dark piping represents components and piping described on other draw-
ings and only the light piping is related to this fabrication. Historically
fab drawings were presented as single-line isometric drawings and were
not shown to scale. Increasingly, they are shown like Fig. 6.30 which are
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Figure 6.30 Fabrication drawing.
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to scale and clearly show connection details. Many companies and con-
struction managers are resisting this trend and still require the isometric
drawings; the good news is that the same tools that are used to generate
the 3D models can output isometric drawings with minimal effort.

Foundation drawings are sometimes required for gathering-system
projects, but this is fairly rare.

The workhorse drawing for plant construction is the process and instru-
mentation drawing (P&ID). It shows all piping and instrumentation sche-
matically, and displays relative hydraulic location of valves and piping, but it
isn’t to scale and provides no visual aids to the function of any particular line
or component (and efforts to use colors and/or line weights have been met
with outrage on the order of a medieval priest facing heresy). I worked in
upstream for nearly 25 years before I ever saw a P&ID. I was quite happy
without them. Since about 2005, you cannot get a project authorized
without a P&ID covering every scrap of piping or control tubing in the
entire project. Prior to the advent of P&ID requirements, it was rare to
have more than a layout drawing for a well-site that showed the relative
position of major equipment; I reviewed a project in 2010 that had 104
drawings for a single-well pad. This tendency has ballooned engineering
costs while not adding any real increased value. I discuss this trend in
Chapter 10, Integration of Concepts, so I’ll end this discussion by saying
that I know why we have gone in this direction but sooner or later we
will have to go back toward significantly fewer drawings and my vote is
to eliminate P&ID on well-sites (they make a lot of sense in plants, and
some sense in compressor stations, not so much on well-sites).

6.5 PROJECT SAFETY PLAN

A gathering-system project involves many companies, each required
to have their own safety standards, reporting, and processes. Your design
document can simply refer to your safety manual, but you have to under-
stand that not all of the contractors have access to your safety manual;
your manual may not emphasize certain construction-related issues that
the contractor considers important, and there will be a lot of material in
your safety manual that does not apply to your project.

It 1s useful to do a job hazard analysis (JHA, the analysis, not neces-
sarily a particular company’s format) to break all of the risks into
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“ordinary hazards” and “extraordinary hazards”” The ordinary hazards
are things like driving safety, personal protective equipment (PPE)
required for all workers, line-of-fire issues, etc. Things that a worker in
Oil & Gas should be thinking about every day. Address ordinary hazards
by listing required PPE, listing the required safety meetings, describing
JHA format and requirements, isolation requirements, and lockout/tag-
out procedures.

Extraordinary hazards are things that are unique to a specific project
or unique to major projects in general. When we crossed the river in
Fig. 6.5, we had detailed safety instructions and training on working at
height and crane safety. Other projects have other emphasis. Every project
should include detailed instructions and procedures dealing with purging
air from lines and static testing.

6.5.1 Purging air from lines

Flow lines can represent a more complex problem than well-sites. Pipe
volume is much bigger. There often is not a reasonable path for a clearing
purge. There often is not a reliable source for purge gas. These complexi-
ties frequently lead to specifying (and designing) a dilution purge.

The detailed purge procedure including source of all gas being used,
fill times, fill pressures, and soak times, with a description of atmospheric
conditions or gas condition that should stop the procedure is required.

6.5.2 Static testing
An important step in a pipeline project is confirming that the piping and
facilities have adequate strength to withstand the expected operating pres-
sures. There is guidance in the primary pipeline construction codes (e.g.,
ASME B31.8) for many of the important considerations for reducing the
risk associated with the tests required to confirm fitness for purpose.

When new piping is to be placed in service, various codes and com-
pany standards require that it be subjected to a leak test and/or a strength
test. Leak tests are generally done at fairly low pressures and are only
intended to prove that the pipe will in fact contain the fluids. Risks are
generally reasonably low and leak tests are done without much risk of
catastrophic failure.

The strength test is done with elevated pressure at some multiple
greater than 1.0 of the system MAWP and held for a specified length of
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time. The pressure multiple and time duration vary considerably from
one regulatory jurisdiction to another, from one code document to
another, and from one company to another.

The primary kinds of tests are “hydrostatic” or “pneumatic static”
(sometimes called “pneumostatic”). The “static” simply means that dur-
ing a successful test the fluids under pressure have no net movement rela-
tive to a pipe end or the pipe centerline.

A hydrostatic test is done using a largely incompressible fluid like
water (hence the prefix “hydro”), oil, glycol, or some mixture (e.g.,
glycol is sometimes added to hydrostatic-test water to prevent freezing
during storage). In these tests, the line is filled with liquid, entrained gases
are allowed to disperse to vents (often for days, generally at least 24 hours),
and the pressure is raised within the system to the required test pressure
and held there for the duration of the test. At the end of the test, the test
medium is removed for disposal.

A pneumatic static test is done using a gas like compressed air, nitro-
gen, methane, or CO,, (tests with CO, are rare and can be difficult
because at elevated pressures the gas can change into a “dense phase”
which behaves differently from either a gas or a liquid).

The industry standards do not show a clear preference for the selec-
tion of one particular test media over another. Some jurisdictions have
written local regulations that do show a clear preference for hydrostatic
testing over pneumatic testing. This preference manifests itself in several
ways, but the primary representation is the requirement in statutes and
regulations that a pneumatic test have an “exclusion zone” or “minimum
approach distance” around the test to reduce the risk of injury during the
test, but no similar exclusion zone for hydrostatic tests (e.g., see ASME
PCC22, 2015, Mandatory Appendix III). The primary piping codes allow
pneumatic tests under a list of reasonable conditions, and do not mention
exclusion zones.

While on the surface, it does not seem to be unreasonable to have a
bias in favor of hydrostatic testing over testing with compressed gases it is
important to look below the surface. The risk being talked about here
is that pressurized gas contains significantly more potential energy than
a pressurized incompressible liquid. Rapidly converting this potential
energy to kinetic energy can be a violent and destructive event.
The question that is asked far too infrequently is “how much of the
potential energy can be converted to kinetic energy in an explosive
decompression?”
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6.5.2.1 Energy involved in testing

The energy that needs to be considered in testing is the stored (or poten-
tial) energy of compression and the potential energy of stacking mass. The
second one concerns the hydrostatic gradient. For gas the density is very
low so the gravitational forces are not significant. For example, air at
900 psig would exert 0.034 psi/ft (0.758 kPa/m) (at the bottom of the
pipe, decreasing as you move toward the top) which can be safely ignored.
On the other hand, liquids have a significant mass. For vertical changes in
the line, an elevation increase adds 0.433 psi/ft (9.81 kPa/m) to the pres-
sure at the lowest point in the system. This means that in hilly country, it
can be very difficult to design a hydrostatic test (e.g., if the elevation
change is 1000 ft (305 m), then the pressure at the bottom will be 433 psi
(2.99 MPa) higher than pressure at the top; for a 150% test on an ASME
B16.5 Class 150 line, just filling this line would exceed test pressure at the
bottom while leaving the top at atmospheric pressure). It is sometimes
possible to segment the line to keep the elevation changes within a seg-
ment below some maximum, but that is not always possible (e.g., some
lines have inaccessible segments in very rough terrain (Fig. 6.31), others
do not have valves where needed to do the segmentation).

Compressive energy is more frequently discussed. To increase the
pressure of either a gas or a liquid (at constant volume), you have to add
mass. Gases are quite compressible so it is easy to visualize the mass going
into the test volume. Liquids are generally considered incompressible, but
during a test you do have to compress it. The bulk modulus (i.e., the
amount of pressure required to reduce the liquid volume by 1%) of
liquids is very large, so even in the most aggressive test the liquid will
have very little compressive energy (e.g., the bulk modulus of water is on
the order of 319,000 psi (2200 MPa), so a 900 psig (6.2 MPa) test would
reduce the volume by about 0.003%).

It is misleading to talk about the energy involved in testing without a
concrete example. I've seen comparisons where a 5 gal (19 L) propane
bottle was tested to failure with water and a 500 gal (1900 L) vessel was
tested with air, the results were dramatically different. For this comparison
I will stick to the following example conditions:

* Length: 10 miles (161 km)

* Pipe size: 36 in (900 DN) Schedule 40

*  Test pressure: 900 psig (6.2 MPag)

* Atmospheric pressure: 14.7 psia (101 kPa)

+  System volume: 373 X 10° ft” (10.6 X 10> m’)
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Figure 6.31 Legoff.

* Hydrostatic test:

Mass of water at atmospheric pressure: 23.299 X 10° Ibm
(10.6 X 10° kg)

Mass of water at test pressure: 23.300 X 10° Ibm (10.57 X 10° kg)
Added mass to reach test pressure: 304 Ibm (668 kg)

Enthalpy at atmospheric pressure: 122.82 BTU/Ibm (299.6 kJ/kg)
Enthalpy at test pressure: 128.82 BTU/Ibm (285.7 kJ/kg)

AH = mgq Ah + Am-hg,y = 140 X 10° BTU (147 X 10°K])

¢ Pneumatic test

Mass of air at atmospheric pressure: 0.285 X 10° Ibm (0.129 X 10° kg)
Mass of air at test pressure: 17.729 X 10° Ibm (8.042 X 10° kg)
Added mass to reach test pressure: 17.444 X 10° Ibm (7.912 X 10° kg)
Enthalpy at atmospheric pressure: 118.09 BTU/Ibm (275 kJ/kg)
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Enthalpy at test pressure: 124.31 BTU/Ibm (289 kJ/kg)
AH = mpq Ah+ Am-hg,q =217 X 10°BTU (229 X 10° kJ)

In a test failure, the energy release is significant in either case, the real
question 1is “what portion of the total energy is available to participate in
the initial event vs how much energy is simply ‘leaked out’ after the
explosive decompression is completed?”

Water at this test pressure is 99.997% incompressible. Archimedes
principle says that a force applied (or removed) from any place within an
enclosed mass of an incompressible fluid will be felt everywhere within
that enclosed mass. That would imply that the conversion of enthalpy in
the example would involve the entire volume simultaneously and
99.997% of the 140 MMBTU (147 GJ) of energy would be released in the initial
event. Thisresultsintotalenergyrelease equivalentto33 tonne of TINT (usingthe
conversion1,488,617 ft-1bf/Ibmrrnt(ASMEPCC22,2015)).

The change in total system entropy in the pneumatic test is half-again
as large, but Archimedes principle does not apply to a gas. We have to
determine how much of the total system mass would participate in an
explosive-decompression event.

NASA published a document in the 1990s which has come to be
known as the “NASA Glenn Research Center Methodology.” This
document was really the first time that anyone had made an effort to
quantify the risk of pressurized-gas static testing of pipelines (work
on quantifying the explosive force resulting from a failed gas-filled
pressure vessel was quite robust at the time of the “Methodology”
paper (General Physics, 1988)). This paper was on NASA’s website
for several years but recent attempts to locate it have proven to be
unsuccessful. Several regulations and many company policies were
written based on the NASA document. Basically this two-page docu-
ment said:

* A pipeline failure could properly be called an “adiabatic” process (i.e.,
there is no heat transfer).

* An adiabatic decompression results in a significant energy release.

* All of the material in the system will participate in the explosive
decompression.

These are the same conclusions that had been reached for pressure
vessels, where all of mass of the pressurized gas is physically in close prox-
imity to any given point on the vessel. The adiabatic energy can be calcu-
lated by (ASME PCC22, 2015) Eq. (6.16).
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This calculation is 38% lower than the change in enthalpy shown for
air in the example statement because it does not account for the energy
in the mass that exits during the event while still considering the entire
system mass as participating in the event. Using the Glenn Research
Methodology the energy in Eq. (6.16) is equivalent to 32 tonne of TNT,
4% lower than the same volume of water, but very wrong.

The problem with the NASA Glenn Research Methodology is that an
explosive-decompression event is very short duration which only allows
time for a very limited amount of the mass to participate in the explosion.
Experiments done at the University of Nebraska-Lincoln for the U.S.
Department of Energy in 2012 (Nebraska, 2012) show that the gas tem-
perature in an explosive decompression drops very rapidly to a minimum,
and then increases to approximately initial temperature over the next few
seconds. This minimum can be taken to be the end of explosive decom-
pression and the start of depressurization. The University of Nebraska-
Lincoln paper does not identify the duration of this nearly vertical temper-
ature transient. Other, less formal sources indicate it occurs at 10—50 mS
after an opening large enough to result in choked flow is created.

Natural events within a gas volume are limited to the speed of sound
(Mach 1.0). As we've discussed elsewhere, this limitation is due to the
creation of standing “shock waves” in the flow that inhibit communica-
tion from downstream to upstream. Prior to Mach 1.0, the existence of
lower pressure downstream is communicated upstream through a failure
to support the higher upstream pressure. At Mach 1.0 the shock wave is
adequate to support the upstream pressure and only allow flow at the
speed of sound.

So if we say that the near-vertical temperature transient is 50 mS and
allow half of the available time for the notice of the event to communi-
cate within the system and half of the time for the energy that now
“knows” that there has been a failure to participate in the explosion then
with the speed of sound (Eq. (6.17)):

Rair .
SG

Vsonic = k- T (6 1 7)
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For air at 60°F (15.6°C), the speed of sound is 1139 ft/s (347 m/s).
That says that over the 25 mS available, the shock wave would travel 28 ft
(8.5 m). Continuing our example, let’s assume that the failure happened
infinitely far (i.e., more than 28 ft (8.5 m)) from the end of the pipe so
the amount of pipe involved is 56 ft (17 m) since stored energy from both
sides of the failure participates. That is a volume in our example of
364 ft° (10.29 m”) so using Eq. (6.16) (which is reasonable only because
the mass participating is now small enough to be negligible), the energy
is equivalent to 74 lbm of TNT—not a trivial event, but far from a tacti-
cal nuclear weapon. To put it in perspective, 74 Ibm of TNT in a prop-
erly constructed and properly deployed “cratering charge” would result in
a crater 6 ft (1.8m) deep and 30 ft (9.1 m) in diameter which is a volume
of earth of about 50 yd® (38.1 m”).

There are published equations to calculate a “restricted distance” (i.e.,
the closest safe point of approach while under a pneumatic test), the
NASA version 1s Eq. (6.18):

— Ppszg + Parm + (Ppsig +Patm)2
125.208 5.509 X 10°

—20.287" In (Pypsig + Pun)
1
2 I/Ssyst()m
10812 I (Ppig + Pan)’ | - | =15 | 0 (6.18)

Eq. (6.18) is an empirical equation (pressure must be in psi and vol-
ume in ft°) yields 2687 ft (819 m) on either side of the pipe, over a mile
for the example test. Changing the pipe length to the 56 ft (17.1 m) cal-
culated in the previous equation changes the restricted distance to 274 ft
(81.4 m)—still large, but considerably less than a mile. This calculation
demonstrates the fallacy of this approach—if the 10 mile pipeline were
operating at 300 psig (half of MAWP) the closest you could ever approach
the line in operation using this approach the exclusion zone would be
1754 ft (535 m) and it would cover 2100 acres (860 hectares).

If the NASA Glenn Research Methodology had any validity at all,
then every time a blowdown valve was opened, a PSV lifted, or a rupture
disk failed we would have a kiloton-range explosion on location since a
pipe failure is simply opening the line to atmosphere.

In this example a pneumatic test on pipeline has the potential to release
0.11% of the energy that could be 