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xv

Preface
It struck me a few years ago that there was a lack of general literature providing an 
overview of all the various issues of oilfield production chemistry. Certainly, there 
was not a book that focuses on the structures of production chemicals and their 
environmental properties that could be helpful to service companies and chemical 
suppliers in designing better or greener products. Although I was sure that there were 
others who could do a better job at writing such a book, I decided to have a go.

This book is primarily a handbook of production chemicals and as such should be 
useful to oil and gas companies, oilfield chemical service companies, and chemical 
suppliers. The introduction and main points in each chapter should also be useful for 
university students wishing to study oilfield production chemistry. If you are work-
ing for a chemical supply company and are unfamiliar with the oil and gas industry, 
I would recommend reading up on the basics of upstream oil and gas production 
before delving into this book.

I have limited the book to sixteen chapters on production chemicals and an intro-
ductory chapter, which also includes environmental issues. Some of the produc-
tion chemicals are specifically for use downhole such as acid stimulation and water 
and gas shut-off chemicals. I have not included all stimulation chemicals such as 
those used in proppant fracturing, as these are not usually considered production 
chemicals. I have included chemicals used in water injection wells for enhanced oil 
recovery, such as oxygen scavengers and biocides, but I have not discussed polymers 
and surfactants, which are used to further enhance oil recovery (EOR), or tracers. 
Polymers and surfactants are not very widely used for EOR today. However, if the 
oil price continues to remain very high, their use may become a more economically 
rewarding and prevalent EOR technique.

In each chapter, I have begun by introducing the problem for which there is a pro-
duction chemical (e.g., scale, corrosion). Then, I have briefly discussed all methods 
to treat the problem, both chemical and nonchemical. This is followed by a thorough 
discussion of the structural classes of production chemicals for that particular chap-
ter usually with a brief discussion on how they can be performance tested. I have 
also mentioned the environmental properties of known chemicals where such data 
are available. I have also endeavored to mention whether a chemical or technique has 
been successfully used in the field, whenever a report is available.

I have included many references at the end of each chapter so the reader can look 
up the details on the synthesis, testing, theory, or application of each type of produc-
tion chemical. I have endeavored to be as thorough and up-to-date as possible in 
the literature, not wishing to leave out any structural class of production chemical, 
whether they have been used in the field or not. The references are from patents or 
patent applications, books, journals, and conference proceedings that are readily 
obtainable. Many patents and patent applications claim a wide spectrum of produc-
tion chemical structures. This is often standard practice from service companies 
and chemical suppliers not wishing to divulge the chemistry of their best products 
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xvi Preface

to their competition. This lack of specificity may not be so helpful to the reader, so 
I have therefore chosen to mention only preferred chemical structures in the patent, 
particularly those synthesized and/or tested.

I have deliberately not mentioned in the text of each chapter the names of authors 
or companies and institutes behind the articles and patents so as to be as impartial as 
possible. However, all this information can be gleaned by looking up the references.
Nearly all the patent data can be obtained on-line for free from the Internet except a 
few older patents. There are a number of production chemical articles, which do not 
disclose any chemical names or structures, rather they only give laboratory and/or 
field test data and sometimes environmental data on chemical A, chemical B, and 
so forth. These articles I have deemed as less useful to the reader and cannot be 
correlated with any patents where chemical structures are given, and, therefore, I 
have omitted many of them from the references. Those that are mentioned are usu-
ally included because they contain useful information on test procedures and/or 
environmental data.

This book is an overview of production chemicals and does not discuss the actual 
handling and application of the chemicals in the laboratory or field. Thus, the author 
cannot be held responsible for the consequences of handling or using any of the 
chemicals discussed in this book.

I hope you will find this book useful in your studies or work. That, at least, was 
my intention in deciding to write it. I welcome any feedback you may have on its 
contents.

I would like to thank Barbara Glunn at CRC Press for all her encouragement and 
help in managing this book project. I would also like to thank Jim McGovern for 
all his help through the editing stages. I particularly wish to thank Alan Hunton of 
Humber Technical Services for his input and comments on many of the chapters. They 
have been most valuable. I would also like to thank Nick Wolf at ConocoPhillips for 
comments on the introductory chapter, Abel De Oliveira at Dow Brazil S.A. for com-
ments on demulsifiers, Roald Kommedal of the University of Stavanger, Norway, 
for his comments on biodegradation testing, and Jean-Louis Peytavy and Renaud 
Cadours of Total for information on H2S capture with amines. Finally, but by no 
means least, I thank my wife Evy for her patience while I spent many long evenings 
at the computer.

My email address for comments: malcolm.kelland@uis.no.

Malcolm Kelland
University of Stavanger, Norway
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Appendix 1

OSPAR Environmental 
Regulations for Oilfield 
Chemicals
The required ecotoxicological tests on all components of oilfield chemicals proposed 
for use in the North Sea offshore region are laid out in the OSPAR guidelines for 
the Northeast Atlantic implemented in 2001 under a harmonized mandatory con-
trol scheme.1–3 Three categories of ecotoxicological tests on oilfield chemicals are 
required by OSPAR:

acute toxicity•	 4

bioaccumulation•	
biodegradation in seawater•	

It is the environmental properties of each individual production chemical (and not 
the finished product) in a proposed formulation that has to be determined.

The full OSPAR marine acute toxicity data set comprises:

 (a) Skeletonema costatum (marine algae; ISO 10253)
 (b) Acartia tonsa (marine copepod; ISP 14669 with recommendations given 

by OSPARCOM).
 (c) Corophium volutator (marine amphipod; Paris Commission Guidelines 

1995, Part A of the OSPAR Protocols on Methods for the Testing of 
Chemicals Used in the Offshore Industry). This test, called a “sediment 
reworker test,” is only needed if the chemical has certain properties such 
being very bioaccumulative or surface-active or if known to adsorb to par-
ticles or be deposited in the sediment.

 (d) Scophthalmus maximus (marine fish larvae; Paris Commission Guidelines 
1995, Part B of the OSPAR Protocols on Methods for the Testing of 
Chemicals Used in the Offshore Industry: Protocol for a Fish Acute Toxicity 
Test). This test is not needed if the chemical is very toxic to S. costatum 
and/or A. tonsa.

S. costatum is the most sensitive species to toxicity. Therefore, toxicity tests of a 
new production chemical are generally first carried out on this species to gauge the 
level of toxicity. Surfactants, particularly cationic ones, are often some of the most 
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toxic production chemicals.5 Thus, besides biocides, film-forming surfactant corro-
sion inhibitors, such as quaternary ammonium compounds and imidazolines (which 
become cationic due to protonation in acidic-produced water) have often been the 
most toxic production chemicals. However, many service companies and chemical 
suppliers now offer a range of less toxic products, sometimes with a trade-off with 
performance.

The length of the test period varies for the four toxicity tests. For S. costatum, 
the result is given as EC50, i.e., the concentration of the test substance that gives 
50% growth inhibition. For the other marine organisms, the result is given as LC50, 
i.e., the concentration of the test substance that gives 50% mortality (immobiliza-
tion). Toxicity data is usually assessed in five categories: < 1 mg/l, > 1–10 mg/l, 
> 10–100 mg/l, > 100–1,000 mg/l, and > 1,000 mg/l, i.e., it is the dosage level that 
determines the toxicity of a chemical.6 Full toxicity testing can be quite expensive 
for formulations containing several components such as corrosion inhibitors or 
demulsifiers.

The bioaccumulation potential is usually determined by high-performance liq-
uid chromatography (Organization for Economic Cooperation and Development, 
OECD117) for water-soluble chemicals and the shake-flask method (OECD107) for 
more lipophilic chemicals.7–9 The bioaccumulation is recorded as logPow (partition 
n-octanol/water). The logPow value is also used in the United Kingdom in the chemi-
cal hazard assessment and risk management (CHARM) model to estimate how a 
substance partitions between oil and water with the aim of predicting the environ-
mental concentration (PEC). If the calculated or experimentally determined log-
Pow is ≥3, bioaccumulation is assumed unless experimental bioconcentration factor 
(BCF) tests indicate the opposite. A new method of measuring partition coefficients 
for nonionic surfactants has been published.10

Those substances with a logPow of > 4.5–5.0 are considered to be potentially 
highly bioaccumulative. Oil-soluble polymers will be expected to have high logPow 
values, but above a certain size, they are considered unlikely to pass lipophilic cell 
membranes and cause accumulative damage. This size is about a molecular weight 
of 700 Da.

Testing for biodegradability is an elemental part of environmental risk assess-
ment of new chemicals, and the OECD guidelines for testing of organic chemicals is 
widely accepted as the European consensus methodology.11 The adopted biodegrada-
tion strategy consists of a level 0 screening test for ready biodegradability in aerobic 
aqueous environments, followed by inherent biodegradability testing (level 1), and, 
finally, simulation testing (level 2). Positive screening (level 0) tests will make further 
testing (at the higher level) unnecessary. Level 0 testing for marine biodegradability 
is presented in the OECD 306 method, either according to the shake-flask dissolved 
organic carbon (DOC) die-away method or the closed-bottle BOD (biological oxygen 
demand) test method (OECD, 1992; the freshwater test protocol OECD 301 may, 
under certain circumstances, be accepted by the Center for Environment, Fisheries, 
& Aquaculture Science (CEFAS) in the United Kingdom and in the Netherlands. The 
protocol used should be declared as the values obtained in freshwater are generally 
higher than in seawater). Closed-bottle testing by means of respirometry is based 
on the stoichiometric relationship between the mineralized test compound and the 
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respired oxygen. Biodegradation is calculated as the ratio between the theoretical 
oxygen demand (ThOD) and the measured oxygen consumed during degradation 
(BOD). If the oxygen consumed equals or exceeds 60% of the ThOD, the compound 
is (readily) biodegradable. One problem with this method is that the fraction of the 
test chemical that is assimilated into a new biomass is not taken into account. Thus, 
compensation must be included for test compounds that provide a high cellular yield 
(Yxs) when calculating the degree of biodegradation. A more correct data analysis 
will be based on the ratio between the measured BOD and the calculated theoretical 
biological oxygen demand (ThBOD) of the test compound, given as 1 − Yxs.12 For glu-
cose, one of the recommended compounds used for positive controls, the ThBOD, is 
about 33% of the ThOD, leading to the incorrect conclusion that based on the OECD 
306 method, glucose will never be readily biodegradable in seawater. Glucose is still 
used (successfully) as the positive control compound in laboratory testing; however, 
a high degree of biodegradation is only determined by including the postgrowth 
endogenous respiration phase in the total BOD estimation.

The OECD306 marine biodegradation test is usually carried out over 28 days. 
The chemical is considered persistent if the biodegradation is < 20% in 28 days and 
readily biodegradable if the biodegradation is > 60–70%. The OECD306 protocol 
states, “Owing to the relatively high test concentrations as compared with most natu-
ral systems, and consequently an unfavourable ratio between the concentrations of 
test substance and other carbon sources, the method is to be regarded as a prelimi-
nary test which can be used to indicate whether or not a substance is easily biode-
gradable. Accordingly, a low result does not necessarily mean that the test substance 
is not biodegradable in marine environments, but indicates that more work will be 
necessary in order for this to be established.” Thus, chemical suppliers are encour-
aged to submit additional data to prove whether a substance is biodegradable. For 
substances shown to be < 60% or < 70% biodegradable (depending on the test end 
point) in an OECD 306 test, this could be an extended OECD 306 test such as over 
60 days. In the United Kingdom, an OECD 301 test is acceptable.13 If the OECD 306 
test shows the substance to be < 20% biodegradable, an appropriate inherent test is 
recommended. Marine BODIS, a test that is specifically designed for poorly soluble 
substances, may be run.14 Current regulations stipulate that biodegradation testing 
must be carried out on each component in a formulation separately, including any 
organic solvents, and not on the whole formulation.

The OECD306 protocol sets a standard temperature for carrying out the bio-
degradation test since biodegradation rates increase with increasing temperature. 
However, no standard is given for the concentration and type of organisms present in 
the seawater sample. This can vary significantly from location to location and depth 
at which the seawater is taken and will affect the rate of biodegradation. The concen-
tration of the test substance will also affect the rate of biodegradation. The OECD306 
closed-bottle method suggests using 2–10 mg/l of the test compound, but higher con-
centrations can be used especially if one opts to have a headspace of air in the bottle 
and measure the pressure drop. The shake-flask method (the alternative OECD306 
method) suggests using 5–40 mg/l DOC. This is equivalent to (depending on the 
compounds carbon content) 10–80 mg/l of the test compound. Generally, the bio-
degradation is faster at lower concentrations.7 Water-soluble substances, particularly 
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those that are nonpolymeric, generally degrade faster than insoluble substances, 
as the latter tend to adsorb strongly to solid phases.15 Further, if the substance is very 
toxic or partially degrades to toxic compounds, it may kill the very organisms that 
carry out the biodegradation.

In the next two sections, the offshore environmental regulations in the United 
Kingdom (which are very similar to those of the Netherlands) and Norway are 
described in some detail to illustrate the differences in how they would assess pro-
duction chemicals. The regulations in the North Sea countries are under constant 
revision, so the reader should check with the relevant national pollution authorities 
for any updates.

a.1  united kingdom and the netherlands 
north sea ecotox regulations

The Offshore Chemical Notification Scheme (OCNS) is administered by CEFAS, 
an agency of the U.K. government’s Department for Environment, Food, and 
Rural Affairs (DEFRA).16 Since 2007, CEFAS (United Kingdom) have been 
administrating the Netherlands OCNS schemes. The OCNS conducts hazard 
assessments on chemical products that are used offshore. The CHARM model 
calculates the ratio of predicted effect concentration against no effect concentra-
tion (PEC/NEC) and is expressed as a hazard quotient (HQ), which is then used 
to rank the product. Data used in the CHARM assessment include percentage 
of component in product, expected product dose rate, toxicity, biodegradation, 
and bioaccumulation. The HQ is converted to a color banding, which is then 
published on the Definitive Ranked Lists of Approved Products. There are six 
color bands: gold, silver, white, blue, orange, and purple (in increasing order of 
hazardousness). Products not applicable to the CHARM model (i.e., inorganic 
substances, hydraulic fluids, or chemicals used only in pipelines) are assigned an 
OCNS grouping A–E, with A being the greatest potential environmental hazard 
and E being the least.

Substitution is an important component of the OSPAR Harmonized Mandatory 
Control Scheme, and the United Kingdom is obliged to implement a strategy to 
replace chemicals that have been identified as candidates for substitution, or contain 
components that have been identified as candidates for substitution.17 An offshore 
chemical should be substituted if it:

is listed in Annex 2 of the OSPAR Strategy with regard to hazardous •	
substances;
is considered by the authority, to which the application has been made, to •	
be of equivalent concern for the marine environment as substances covered 
by the previous subparagraph;
is inorganic and has a LC50 or EC50 < 1 mg/l;•	
has a biodegradation < 20% during 28 days or meets two of the following •	
three criteria:
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biodegradation in 28 days < 70% (OECD 301A, 301E) or < 60% (OECD •	
301B, 301C, 301F, 306);
either bioaccumulation log•	 Pow > 3 and molecular weight of the sub-
stance is < 600 or BCF > 100
toxicity LC50/EC50 < 10 mg/l•	

a.2  norwegian oFFshore ecotox regulations

In Norway, chemicals are ranked in one of four color categories, green, yellow, 
red, and black in decreasing order of environmental acceptability. Yellow chemi-
cals are further subdivided into yellow 1, yellow 2, and yellow 3, the first being 
the most environmentally acceptable.18 “Green” chemicals, which are on OSPAR’s 
PLONOR list, are allowed to be used offshore Norway, and “black” chemicals are 
not allowed. There are several categories of “black” chemicals, including endo-
crine disrupters5,19–20 and carcinogens, and the following:

chemicals with < 20% biodegradation and log•	 Pow ≥ 5
chemicals with < 20% biodegradation and toxicity EC50 or LC50 ≤ 10 mg/l•	

“Red” chemicals are classified as hazardous to the environment, and if in use they 
should be prioritized for replacement. Besides chemicals on OSPAR’s tainting list, 
“red” chemicals include:

inorganic chemicals with toxicity EC50 or LC50 ≤ 1 mg/l;•	
organic chemicals with < 20% biodegradation.•	
organic chemicals or mixtures which meet two of the following three •	
criteria

< 60% biodegradation in 28 days•	
bioaccumulation, log Pow ≥ 3•	
acute toxicity EC50 or LC50 ≤ 10mg/l”•	

Like “green” chemicals, “yellow” chemicals are generally allowed to be used offshore 
Norway without the need for special approval. “Yellow” chemicals are chemicals that do 
not come under the other color categories or must meet the following requirements:

biodegradation > 20%;•	
log•	 Pow < 3;
toxicity EC50 or LC50 > 10 mg/l.•	

If the molecular weight of a chemical exceeds 700 Da, then it is not considered to have 
the potential to bioaccumulate (it is too large to cross cell membranes) and need not 
be tested for this. For chemicals with a biodegradation between 20 and 60%, there 
is additionally a focus on the products of biodegradation in case they are persistent 
and toxic.21 The Norwegian authorities’ requirements involve a literature evaluation 
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of the hazards associated with the biodegradation products of the test chemical. The 
percentage of biodegradation of the chemical should also continue to increase after 
28 days.
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1 Introduction and 
Environmental Issues

1.1  Production chemistry overview

Production chemistry issues occur as a result of chemical and physical changes to 
the well stream fluids, as it is transported from the reservoir through the processing 
system. The well stream fluids may consist of a mixture of liquid hydrocarbon (oil 
or condensate), gaseous hydrocarbon (raw natural gas), and associated water. This 
mixture passes from the reservoir, through the tubular string and wellhead, and then 
along flowlines to the processing plant where the various phases are separated. As 
the fluids will experience a significant drop in pressure, a change in temperature, 
and considerable agitation, there will be predictable and sometimes unpredictable 
changes in state that impact on the efficiency of the overall operation. Downstream 
of the processing plant, the oil will be exported to the refinery, the gas will be pro-
cessed, and the water will be treated to remove impurities: these processes can lead 
to further complications.

In general, production chemistry problems are one of four types:

Problems caused by fouling. This is defined as the deposition of any •	
unwanted matter in a system and includes scales, corrosion products, wax 
(paraffin), asphaltenes, biofouling, and gas hydrates.
Problems caused by the physical properties of the fluid. Foams, emulsions, •	
and viscous flow are examples.
Problems that affect the structural integrity of the facilities and the safety of •	
the workforce. These are mainly corrosion-related issues.
Problems that are environmental or economic. Oily water discharge can •	
damage the environment and the presence of sulfur compounds such as 
hydrogen sulfide (H2S) has environmental and economic consequences.

The resolution of these problems can be made by the application of nonchemical 
techniques and through the use of properly selected chemical additives. Among the 
very many nonchemical techniques that are available, the following examples are 
commonly used:

Insulation (retaining heat to delay the onset of waxes or gas hydrate •	
formation)
Heating a flowline (prevention and remediation of waxes and gas hydrates)•	
Heating in a separator (resolution of emulsions)•	
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Lowering of pressure (remediation of gas hydrates)•	
Maintenance of high pressure (delaying asphaltene flocculation, carbonate •	
scale, naphthenates)
Use of corrosion-resistant materials and coatings (minimizing corrosion)•	
Increase flowrate/turbulence (minimize asphaltenes, waxes, biofilm)•	
Decrease flowrate (minimize foaming, emulsion formation)•	
Increase separator size (improve oil/water separation)•	
Use electric fields (increase coalescence of water droplets in o/w emulsion)•	
Centrifugation (separation of o/w emulsions)•	
Membranes and fine filters (removal of fines, colloidal particles, and specific •	
ions)
Pigging of flowlines (prevent build-up of solids in pipes)•	
Scraping tools (deposit removal, especially downhole)•	
Milling or drilling/reaming (removal of scale deposits downhole)•	
Application of vacuum (removal of gases from water)•	
Screens and plugs (for water shut-off downhole)•	
Screens and gravel packs (for sand control)•	

A good facilities design and correct choice of materials can significantly reduce 
production chemistry issues later in field life. Unfortunately, crude oil production is 
characterized by variable production rates and unpredictable changes to the nature 
of the produced fluids. It is therefore essential that the production chemist can have 
a range of production chemical additives available that may be used to rectify issues 
that would not otherwise be fully resolved. Modern production methods, the need 
to upgrade crude oils of variable quality, and environmental constraints demand 
chemical solutions.

Oilfield production chemicals are therefore required to overcome or minimize the 
effects of the production chemistry problems listed above. In summary, they may be 
classified as:

Inhibitors to minimize fouling and solvents to remove preexisting deposits•	
Process aids to improve the separation of gas from liquids and water from •	
oil
Corrosion inhibitors to improve integrity management•	
Chemicals added for some other benefit, including environmental •	
compliance.

Many production chemistry fouling problems relate to so-called flow assurance, 
a term coined in the nineties to describe the issues involved in maintaining pro-
duced fluid flow from the well to the processing facilities. Flow assurance chemical 
issues usually relate to solids deposition problems (fouling) such as wax (paraffins), 
asphaltenes, scale, naphthenate, and gas hydrates in flowlines. There are two general 
chemical strategies for prevention of these deposits: either to use a dispersant, which 
allows solid particles to form but disperses them in the production stream without 
deposition, or to prevent solids forming by using an inhibitor. Most new large fields 
are being found offshore in ever-increasing water depths and/or colder environments. 
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In addition, smaller offshore fields are often “tied back” to existing platforms or other 
infrastructure requiring long, subsea multiphase flow pipelines. The extremes of high 
pressure and low subsea temperatures and long fluid residence times place greater 
challenges on flow assurance, particularly mitigating gas hydrate and wax (paraffin) 
deposition. As with other production chemistry issues, a strategy for prevention of 
gas hydrate deposition must be worked out at the field-planning stage. Chemically, 
one can use thermodynamic hydrate inhibitors or the more recently developed low-
dosage hydrate inhibitors (LDHIs). Wax deposition may not be fully prevented by 
using wax (paraffin) inhibitors, but regular mechanical pigging may possibly help 
keep the pipeline wax-free.

Upstream of the wellhead, production chemistry deposition problems that can 
occur include scale and asphaltene deposition, and even wax deposition if the tem-
perature in the upper part of the well is low. In offshore and/or cold onshore environ-
ments, gas hydrates can also form upstream of a subsea wellhead or in the flowline 
if it is shut in. Removal of a hydrate plug upstream of a subsea well is usually done 
by melting with thermodynamic hydrate inhibitors and/or by heating. Most subsea 
pipeline hydrate plugs are removed by depressurization, although other techniques 
are available. To reduce the amount of water that needs to be handled at the process-
ing facilities, the production of water can be reduced either mechanically or chemi-
cally, using so-called water shut-off treatments that block water flow. This may also 
alleviate scale- formation problems. Normally, treatment with a scale inhibitor, down-
hole and/or topside, is required to prevent scaling. Asphaltene, wax, and inorganic 
scales can all be removed using various chemical dissolver treatments. Naphthenate 
problems and related emulsion problems can be reduced by careful acidification or 
with the use of more recently discovered naphthenate low-dosage inhibitors. Acid 
stimulation treatments, either by fracture or matrix acidizing, are designed to enhance 
hydrocarbon production. They are generally used to remove part of the natural rock 
formation (sandstone or carbonate), but they can also remove deposited carbonate 
and sulfide scales. Corrosion during acid stimulation is a major concern and requires 
special corrosion inhibitors that tolerate and perform well under very acidic condi-
tions. Other downhole chemical treatments include water and gas shut-off and sand 
consolidation.

The separated oil, gas, and water streams must meet certain minimum specifica-
tions for impurities. Process aids, including demulsifiers and antifoams are used to 
enhance the performance of the processing plant and ensure that the specifications 
can be met. However, because of the presence of asphaltenes, resins, naphthenates, 
and other natural surfactants in the oil and the high shear at the wellhead and mixing 
during transportation, some or all of the produced water will be emulsified with the 
liquid hydrocarbon phase. These emulsions require resolving at the surface process-
ing facilities in the separators. Efficient operation of these facilities will provide the 
operator with oil of “export” quality. Demulsifier chemicals are always used for this 
process, usually together with other nonchemical techniques such as heat or elec-
tric treatment. The separated water normally has too much dissolved and dispersed 
hydrocarbons (and/or oil-in-water emulsion) as well as suspended particles for dis-
charge into the environment to be allowed. Therefore, the separated water is treated 
with flocculants (also called deoilers, water clarifiers, or reverse emulsion breakers). 
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The flocculated impurities (or “flocs”) are separated out to leave purer produced 
water, which can then be discharged. Several other technologies are now available 
for separating both dispersed and dissolved (water-soluble) hydrocarbons, and even 
some production chemicals, from water. Onshore disposal of produced water may 
have higher environmental demands, sometimes including a limit on the concen-
tration of certain salts. In such cases, reinjection of produced water is carried out. 
This has also been done offshore, for example, in the North Sea.1 Foam can also be 
a problem in the gas–oil separators of the processing facilities for which defoamers 
and antifoam chemicals have been designed.

Corrosion occurs wherever metals are in contact with water, and this problem 
affects both the internal surfaces and the exposed external surfaces of facilities and 
pipelines. The rate of corrosion varies in proportion to the concentrations of water-
soluble acid gases such as carbon dioxide, CO2, and hydrogen sulfide (H2S) and in 
proportion to aqueous salinity. It is potentially a serious issue in high-temperature 
wells, and in this situation, special corrosion-resistant alloys (CRAs) may be eco-
nomically advantageous. Reducing the concentration of H2S can alleviate corrosion 
problems and methods to do this such as the use of H2S scavengers, biocides/biostats, 
and nitrate/nitrite injection are dealt with in Chapters 14 and 15. Batch or continuous 
treatment with corrosion inhibitors is normally needed to control corrosion to within 
an acceptable limit for the predicted lifetime of the field.

A number of other miscellaneous production chemicals are used in the upstream 
oil and gas industry. Although H2S scavenger chemicals reduce corrosion, they may 
be deployed specifically to avoid refinery problems or for environmental reasons, 
i.e., to reduce toxicity. Similarly, it can be argued that flocculants also improve envi-
ronmental compliance by reducing toxic contaminants in separated water. Drag-
reducing agents (DRAs) do not fit into the normal classifications for production 
chemicals, as they do not impact on solids formation, affect corrosion, or change 
emulsions or foams: their function is simply to provide additional flow in a pipeline 
or injection well.

Production chemicals can be injected downhole, at the wellhead, or between the 
wellhead and the processing facilities (separator system). Some production chemicals, 
such as corrosion inhibitors, wax inhibitors, and sometimes scale inhibitors and bio-
cides, are dosed to oil export lines. Corrosion inhibitors may also be used in gas lines.

Injection downhole can be either via a capillary string or gas-lift system if available. 
Batch treatment is commonly practiced for downhole locations, and this includes the 
technique of squeezing to place a chemical within the reservoir. Downhole chemi-
cal treatments can be bullheaded, that is, pumped from the platform, boat, or truck 
into the well via wellhead or production flowlines. Examples are acid stimulation, 
water shut-off, and scale-inhibitor squeeze or scale-dissolver treatments. Squeeze 
treatments are discussed in Section 3.7.2. Various diversion methods can be used 
to gain better placement of the squeeze treatment in the relevant zones. If squeez-
ing is considered risky (i.e., if precise placement is required or the treatment fluids 
are expected to cause damage and, thus, loss of production), well-intervention tech-
niques such as coiled tubing can be used to place the chemical in the desired zones. 
However, this is costly especially for subsea interventions. Production chemicals can 
also be placed in the near-well area during fracturing operations.2
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Besides squeeze treatments, other techniques have been developed for controlled 
release of a production chemical in the well. For example, solid particles that slowly 
release the desired chemical as the produced fluids flow over them can be placed 
in the bottom of the well (rathole) or farther up, or if the particles are very small 
they can be squeezed into the near-well area.3–5 Development of these techniques 
is well-known for scale control. Further details and references can be found in 
Chapter 3 on scale control.

Production chemical service companies source chemical components from bulk 
chemical suppliers, specialty chemical suppliers, or from their own dedicated manu-
facturing facility. Products can be simple (e.g., methanol) or complex formulations 
with several active ingredients in a solvent.

Most production chemical service companies also sell chemicals used in water 
injection wells, hydrotesting, and other maintenance and utility systems. Chemicals 
for water injection systems include oxygen scavengers to reduce corrosion, biocides 
to reduce microbially enhanced corrosion and hydrogen sulfide production, water-
based drag reducers to increase the injection rate, scale and corrosion inhibitors, 
and antifoams. Polymers and/or surfactants designed to enhance oil recovery further 
may also be injected. Oil-based DRAs are usually used to increase the transportation 
capacity of crude oil pipelines or reduce the need for boosting stations.

Production chemistry issues for a field are managed by the field operator. In many 
producing regions, it is a production chemistry service company that is charged with 
the responsibility for optimizing and carrying out chemical treatments. The strat-
egy adopted should be to develop a comprehensive chemical treating program for 
the whole of the production process, which would include selection of appropriate 
chemicals and their dose rate, consideration of compatibility issues (see Section 1.2), 
injection point placement, field life cycle needs, etc. The production chemist will be 
mindful of the contribution of nonchemical techniques that are in use and the impact 
that they have on the demands for chemical addition.

Production chemistry problems ought to be determined during the field-
 development stage by the operator, often in collaboration with service companies to 
find the best solutions. This is particularly relevant for offshore fields where the cost 
of work-overs or remediation treatments will be high.

1.2  Factors that aFFect the choice 
oF Production chemicals

A number of factors affect the choice of production chemicals. These include:

Performance•	
Price•	
Stability•	
Health and safety in handling and storage•	
Environmental restrictions•	
Compatibility issues•	
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Generally, an operator wants a product that performs satisfactorily at an affordable 
price. The overall performance may be based on more than one test. For example, a 
scale inhibitor for squeeze treatments may be an excellent inhibitor, but because of 
poor adsorption onto rock, it may give a poor squeeze lifetime. Thus, an inhibitor with 
lower inhibition performance may be preferred if it adsorbs better to the rock. For 
some production chemicals, such as scale, wax, asphaltene, corrosion, and LDHIs, 
an operator may ask several service companies to submit a chosen product that either 
they or an independent company will test to rank the performance of the products. 
The operator may not necessarily choose the highest-performing product for field 
application but one that they consider performs satisfactorily and suits them best 
economically. However, a cheap product may appear to be economical in the short 
term, but if its performance is significantly worse than a more expensive product, it 
may turn out to be more expensive in the long run to the operator if it causes more 
production upsets, more frequent well or pipeline workovers, and lost production.

Production chemical formulations must remain stable for the intended lifetime 
during transportation and storage before being injected. In cold environments, the 
product must not get too viscous or freeze to avoid injection problems. Conversely, it 
may be very hot at the field location, so the product must not degrade too rapidly or 
undergo phase changes, which may affect its performance. One can imagine a pos-
sible dilemma for regions where good biodegradation of the production chemical is 
an environmental requirement. Thus, the operator wants a product that degrades fast 
in seawater but does not degrade during storage at the field location.

All developed countries have regulations regarding the classification of chemi-
cals according to the hazards and risks they may pose to the safety and health of 
users. Essential information is found on the material safety data sheet for a chemical, 
which must accompany shipment of all potentially hazardous products according to 
national laws. An example is volatile and toxic solvents, which, if breathed in, can 
cause health problems depending on the dosage and exposure time. These include 
some nonpolar aromatic solvents used, for example, in wax and asphaltene inhibitor 
formulations or demulsifiers. Many chemical suppliers and service companies have 
already made efforts to replace such solvents with safer, less toxic solvents with 
lower volatility and/or higher flash point.

There are a number of other operational issues with the use of production chemicals, 
which can be lumped under the heading “compatibility.” They include the following:

Will the use of a production chemical cause or worsen other production •	
chemistry issues? Conversely, could it work synergistically with other pro-
duction chemicals?
Is it compatible with all materials found along the production line?•	
Will it cause downstream problems?•	
Are there any injection problems—viscosity, cloud point, foaming?•	
Is it compatible with other production chemicals used simultaneously?•	

Does one production chemical affect the performance of another and •	
vice versa?
Can it be coinjected with other production chemicals?•	
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Regarding the first subcategory, there are a few well-known issues. For example, 
some film-forming corrosion inhibitors can make emulsion and foam problems worse 
in the separators. The use of thermodynamic hydrate inhibitors such as methanol and 
glycols can make scale deposition worse. Triazine-based hydrogen sulfide scavengers 
will increase the pH in the produced water, which can worsen the potential for car-
bonate scale formation. Acids used in downhole acid stimulation can cause asphaltene 
precipitation (sludging), but there are additional chemicals that can be used in the 
formulations to reduce this. Conversely, quaternary gas hydrate anti-agglomerants 
can contribute to corrosion inhibition, sometimes to such an extent that a separate 
corrosion inhibitor is not needed. Some suppliers have available combined-scale and 
corrosion-inhibitor formulations, which have the advantage of using only one storage 
tank, one pump, and one injection line. Many of these are simply mixtures of compat-
ible, individual products, although some multifunctional, single-component products 
are available. Drag reducers can also improve corrosion inhibition under some condi-
tions. All these examples are discussed further in the relevant chapters in this book.

New production chemicals may have to be checked to determine if they are com-
patible with all materials along the production line, including elastomers used in 
seals. This may be as supplied, neat/concentrated chemicals, or after dilution in the 
produced fluids following injection.

Some production chemicals that follow the oil or gas phase can cause downstream 
problems, such as polluting catalysts used in the refinery. An example is the ther-
modynamic hydrate inhibitor methanol. Too much methanol pollution can lower the 
value of the hydrocarbons. The operator may also need to check that oil-soluble pro-
duction chemicals, such as wax and asphaltene inhibitors and some gas hydrate anti-
agglomerants, do not cause downstream problems such as fouling in the crackers.

Subsea wellhead injection of production chemicals is carried out by injection from 
the platform along one or more small umbilical flowlines to the wellhead. The length 
of umbilicals can be up to 50 km (30 miles) and their diameters can range from 1/4 to 
1 in. (0.6–2.5 cm). The viscosity of the injected chemical formulation must be low 
enough to be pumped along this flowline at seabed temperatures. In cold waters, this 
sets limits on the concentration of some production chemicals in the product and 
the solvents in which they are dissolved. Incompatibilities can occur between dif-
ferent production chemicals when they mix in the same umbilical flowline, usually 
accidentally. For example, neat corrosion inhibitor injected into a line previously 
used to dose wax inhibitor or scale inhibitor can cause a blockage unless adequate 
flushing with a solvent or water is carried out. During long-term shutdowns, produc-
tion chemicals in the umbilical tubes are usually replaced with solvent packages to 
ensure their integrity. As a rule, subsea injection points are placed at least three pipe 
diameters away from each other to avoid immediate mixing of different produc-
tion chemicals and possible incompatibilities. Improved test methods for qualifying 
subsea injection chemicals at injection pressures, which could be up to 700 bar, and 
seafloor temperatures have been reported.6 Topside injection of DRAs has, in the 
past, caused problems since these chemicals are ultrahigh–molecular weight poly-
mers, which can be extremely viscous in solution. However, new ways of formulating 
and injecting these materials have been developed that have overcome these difficul-
ties (see Chapter 17 for details).
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8 Production Chemicals for the Oil and Gas Industry

Some production chemicals affect the performance of other chemicals. Thus, per-
formance tests of any production chemical must be carried out in the presence of any 
other chemicals planned to be used simultaneously. For example, many film-forming 
corrosion inhibitors are known to reduce the performance of many scale inhibitors 
and demulsifiers and some can almost totally kill the performance of kinetic hydrate 
inhibitors. The reverse problems are also known.

Some production chemicals are water-soluble, while others are oil-soluble, which 
may mean that both products cannot be injected through the same line. For example, 
an operator may need coinjection at the wellhead of an oil-soluble wax or asphaltene 
inhibitor and a water-soluble scale inhibitor. However, there have been efforts to 
find mutual solvents or develop emulsion-based products, which can overcome this 
problem.7–8

1.3  environmental and ecotoxicological regulations

There is increasing focus on making the handling and deployment of oilfield chemi-
cals less hazardous, as well as reducing the discharge of environmentally unaccept-
able oilfield chemicals, usually in produced water, to the environment. Sometimes, it 
has proven difficult to find “greener” chemicals with the same high performance. At 
the same time, many of the new fields are being found in harsher conditions such as 
colder or deeper water or deeper, hotter reservoirs, which may require special high-
performing chemicals to cope with the harsh conditions.

Most regions of the world have environmental regulations concerning the use and 
discharge of oilfield chemicals. Production chemicals are added to well streams and 
can therefore end up in the water, liquid hydrocarbon, or gas phase. Some low-boiling 
solvents, such as methanol, will partly follow the gas phase and can pollute the natu-
ral gas, lowering its economic value. However, most production chemicals will fol-
low either the produced water or liquid hydrocarbon phase or partition between them. 
If they follow the liquid hydrocarbon phase, they will not normally be discharged 
to the environment unless a leakage or other accident occurs. It is the  discharge of 
produced water containing residual oil as well as production chemicals that consti-
tute the greatest risk to the environment during normal production. Residual oil in 
separated produced water can contain toxic carcinogens such as poly aromatic hydro-
carbons (PAHs); therefore, there are regulations on its discharge level. For example, 
in the North Sea, this level is currently 30 ppm, but for some regions it can be as low 
as 5–10 ppm, which may be difficult to achieve. For onshore or coastal oilfields, there 
can be very strict requirements on the quality of the produced water. Often, reinjec-
tion of the produced water is carried out to avoid any environmental issues with 
discharging the water. Reinjection of produced water is also a good option offshore 
and is also used when reservoir pressure support is required for enhanced oil recov-
ery. Produced water treatment technologies aimed at reducing the levels of aliphatic 
hydrocarbons, benzene, heavy aromatic compounds (PAHs), alkylated phenols, and 
some production chemicals have been reviewed.9 There may also be restrictions on 
chemicals in well treatments onshore, for example, in shallow gas reservoirs, if there 
is a potential for fluids to contaminate freshwater aquifers and water wells.
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1.3.1  OSPAR EnviROnmEntAl REgulAtiOnS fOR OilfiEld ChEmiCAlS

Regulations for the discharge of produced water containing production chemicals 
vary from location to location. The required ecotoxicological tests on all compo-
nents of production chemicals proposed for use in the North Sea offshore region are 
laid out in the OSPAR guidelines for the North-East Atlantic, implemented in 2001 
under a Harmonised Mandatory Control Scheme.10–12 This testing is done well in 
advance of deployment, and irrespective of the fate of the chemical, i.e., whether it 
ends up in the produced water, gas, or oil phase. The chemical, physical, and ecotoxi-
cological test data are submitted to the relevant national pollution authorities, which 
assess the data. The result of the assessment is that the chemical will be ranked as 
to its suitability for deployment offshore. The end-user (the field operator) must 
then seek a permit from the authorities for use of the chemical over a time-limited 
period. In addition, there is also a downstream requirement for each platform from 
the authorities that discharges of oil and chemicals must be controlled within limits. 
In Norway, the operator is required to have the produced water regularly analyzed 
for toxic components found in the oil, such as benzene and phenols, as well as the 
amount of production chemicals. The operator is obliged to keep the discharges of 
these chemicals within the stipulated levels given by the pollution authorities.

Three categories of ecotoxicological tests on production chemicals are required 
by OSPAR:

Acute toxicity•	 13

Bioaccumulation•	
Biodegradation in seawater•	

A brief discussion of these tests is given in Appendix 1 at the end of the book.
It is the environmental properties of each individual production chemical (and 

not the finished product) in a proposed formulation that has to be determined. Some 
service companies own ecotoxicological test laboratories and report ecotoxicologi-
cal data for oilfield chemicals from their own laboratories to the authorities. A few 
chemicals are banned from use offshore North Sea on other environmental grounds, 
such as endocrine disrupters that cause chronic problems in marine organisms.14–16 
Examples are the alkylphenols. Chemicals listed on OSPAR’s PLONOR list can be 
used in the North Sea without special approval (PLONOR means “pose little or no 
risk” to the environment).17

The required OSPAR ecotoxicological testing is the same for all North Sea coun-
tries but there are small differences in the way the data are interpreted and imple-
mented. The regulations in the North Sea countries are under constant revision, so the 
reader should check with the relevant national pollution authorities for any updates. 
Currently, the assessment system used in Norway differs somewhat from that used 
in the other North Sea oil-producing countries, the United Kingdom, Denmark, and 
the Netherlands (see Appendix 1). Particularly, since the late nineties, there has been 
more focus on the biodegradation of oilfield chemicals, especially those that also 
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10 Production Chemicals for the Oil and Gas Industry

have a tendency to bioaccumulate. Thus, new chemicals in this category with < 20% 
28-day biodegradation (by OECD306) are unlikely to be allowed offshore and those 
already in use should be prioritized for substitution.

1.3.2  EuROPEAn REACh REgulAtiOnS

A new set of regulations called REACH may eventually supersede the OSPAR regu-
lations. REACH is a new European Community regulation on chemicals and their 
safe use (EC1907/2006). It deals with the registration, evaluation, authorization, and 
restriction of chemical substances.18–20 Three useful papers on these new regula-
tions regarding chemicals for use in the upstream oil industry were published in 
2007.21–23

The new law entered into force on 1 June 2007, but all REACH provisions will be 
phased in over 11 years. Essentially, there is a control on manufacture, import, and 
export of chemicals within the EU. The big issue will be around large tonnages of 
chemicals and the consequent costs of getting environmental tests run. Polymers are, 
for the moment, exempt, but not the monomers used. Consequently, chemical manu-
facturers need to consider these costs when deciding which existing chemicals to 
continue to support and which new ones to introduce. Certainly, any new chemistry 
for use in Europe needs checking against these new rules. The REACH regulations 
have already had an effect on the choice of oilfield production chemicals. For exam-
ple, the manufacture in the Netherlands of a quaternary surfactant anti-agglomerant 
LDHI, used offshore in the same country, has been discontinued because of the cost 
of the new REACH regulations (see Section 9.2.3.2 in the chapter on Gas Hydrate 
Control for details of the chemistry).

1.3.3  u.S. EnviROnmEntAl REgulAtiOnS

U.S. environmental regulations are different from the North Sea and also vary for 
different locations within the United States. U.S. environmental regulations are 
administered by the U.S. Environmental Protection Agency. For example, discharges 
from offshore oil and gas platform/production facilities operating in the U.S. Gulf 
Coast Outer Continental Shelf (and part of the Gulf of Mexico, or GoM) are covered 
under general National Pollution Discharge Elimination System (NPDES) permits. 
These NPDES discharge permits are water-quality-based, that is, the criteria for 
compliance with these permits are based on the toxicity of the effluent rather than 
hazard assessments on each specific chemical.24 Operators in the GoM must submit 
the following toxicity data to the agency on their whole effluent:

Produced water: 7-day no observed effect concentration (NOEC)•	
mysid shrimp (•	 Mysidopsis bahia)
silverside minnow (•	 Menidia beryllina)

Miscellaneous discharges of seawater or freshwater to which chemicals •	
have been added: 48-hour NOEC

mysid shrimp•	
silverside minnow•	
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A critical dilution factor (CDF) is assigned for produced water discharges for 
each facility. Effluent samples must be obtained according to the permit, and the 
produced water must not be toxic to marine organisms (silverside minnow and mysid 
shrimp) at or below the CDF over the specified period. However, whole effluent tox-
icity testing requirements in the GoM for produced water discharges are proposed to 
be changed to include compliance with sublethal effects.

1.3.4  EnviROnmEntAl REgulAtiOnS ElSEwhERE

The North Sea region is generally considered to have the most complex environ-
mental regulations for oilfield chemicals based on toxicity, biodegradation, and bio-
accumulation of individual substances. However, in regions where the environmental 
regulations are less well-defined, regulatory agencies or oil companies may ask the 
service company to provide products that meet the classification requirements of the 
North Sea, with the general thinking that, if it is green enough for the North Sea, it 
has a good chance of being permitted for use elsewhere. In fact, where there are no 
clear local regulations governing produced water discharges, some regulatory agen-
cies (or oil companies) are adopting the North Sea criteria as their global standard 
(in part or whole). On occasions, local authorities will modify the ecotoxicological 
tests to include one or more indigenous species.

1.4  designing greener chemicals

Many articles have been written on this subject, although not specifically for the 
oilfield chemical industry. If we take the OSPAR regulations as our standard, there 
are three factors one can try to improve to design a greener chemical: the rate of 
biodegradation, a lower bioaccumulation potential (lower logPow value), and a lower 
toxicity. These are discussed briefly in the next three subsections.

1.4.1  BiOACCumulAtiOn

For many classes of production chemicals, there is little you can do about the bioac-
cumulation potential. For example, scale inhibitors must function in the water phase 
and therefore must be water-soluble and will consequently have low bioaccumula-
tion. However, if the product is designed to work in the oil phase (such as wax and 
asphaltene inhibitors), it will have a high logPow value. Some production chemicals 
such as corrosion inhibitors for production lines and hydrate anti- agglomerants can 
be both water- or oil-soluble. Traditionally, many film-forming corrosion inhibitors 
for production flowlines, such as fatty acid imidazoline surfactants, have partitioned 
significantly into the oil phase. However, as discussed in Chapter 8, much work has 
been done to develop more water-soluble (and less toxic) corrosion inhibitors, for 
example, by increasing the hydrophilicity of the head group in a surfactant or reduc-
ing the length of the hydrophobic tail. Some classes of corrosion inhibitor have been 
developed that contain no hydrophobic tail and are water-soluble (see Chapter 8). 
Consideration of bioaccumulation potential is restricted to organic molecules with 
molecular weight below 700 (although this value varies in some countries).
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1.4.2  REduCing tOxiCity

Polymers generally have low toxicity, however, some cationic polymers are 
known to be biocides and could therefore be toxic to other marine organisms (see 
Chapter 14). For surfactants, anionic and nonionic surfactants are generally less 
toxic than cationic surfactants. The most common class in the latter category is qua-
ternary ammonium surfactants, which includes pyridinium and quinolinium surfac-
tants. Long-chain tertiary amines and imidazolines can also be included, as they will 
be partially quaternized (cationic) in acidic produced fluids.13 The toxicity of cationic 
surfactants can be reduced in a number of ways:

Placing anionic groups near the cationic center in the surfactant so as to •	
neutralize the charge on the head, that is, make the surfactant amphoteric

This has been done with imidazoline-based corrosion inhibitors, for •	
example, by adding carboxylate groups derived from acrylic acid (see 
Chapter 8)

Blending a cationic surfactant with an anionic molecule (as an ion pair)•	
This has been claimed for gas hydrate anti- agglomerants (see Chapter 9)•	

Reducing the length of the hydrophobic tail of a surfactant to about eight •	
carbons or less

This has been done with film-forming corrosion inhibitors, although •	
this may compromise the performance of the chemical (see Chapter 8).

Biosurfactants can be highly biodegradable and low in toxicity and could be of 
interest as certain oilfield chemicals. However, most of the current products are too 
expensive for oilfield applications.

1.4.3  inCREASing BiOdEgRAdABility

A useful review entitled “Designing Small Molecules for Biodegradability” (i.e., not 
including polymers) has been published.25 The authors give a brief list of structural 
factors that generally increase resistance to aerobic biodegradation, although they 
state there will always be exceptions. These are given here:

 1. Halogens (presumably bonded to carbon)—especially fluorine or chlorine 
and especially if more than three in the molecule

 2. Carbon chain branching if extensive—quaternary carbon is particularly 
problematic

 3. Tertiary amines (and presumably also quaternary ammonium)
 4. Nitro, nitroso, azo, and arylamine groups
 5. Polycyclic residues such as polycyclic aromatic hydrocarbons
 6. (Some) heterocyclic residues, for example imidazoles
 7. Aliphatic ether bonds, except in ethoxylates

Factor 2 is illustrated with alkylaryl surfactants. If the alkyl group is a highly 
branched “tetrapropylene,” it will be poorly biodegraded, but a linear alkyl group 
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will degrade much faster. An example of factor 2 is illustrated with polypropoxy-
lates. The extra methyl branch reduces the biodegradability compared with poly-
ethoxylates. Thus, capping a polyethoxylated molecule with polypropoxylate, as is 
sometimes done for some surfactant and demulsifier classes, actually reduces the 
biodegradability. A few small molecules with quaternary carbon are quite bio-
degradable such as the natural compounds vitamin A, cholesterol, and pantothenic 
acid and the synthetic pentaerythritol (C(CH2OH)4).

Some heterocyclic residues are fairly biodegradable such as the solvent N-ethyl 
pyrrolidone (NEP). In contrast, polyvinylpyrrolidone and polyvinylcaprolactam 
(used as kinetic hydrate inhibitors) are very poorly biodegraded even though they 
contain the same ring structure as NEP. This is probably because enzyme attack at 
the polymer rings is very limited due to steric crowding.

The same review lists a few features that generally increase biodegradation rates 
for small molecules. These are:

Groups susceptible to enzymatic hydrolysis—chiefly esters (including •	
phosphate esters) and also amides, but this is more equivocal
Oxygen atoms in the form of hydroxyl, aldehyde, or carboxylic acid groups, •	
and probably also ketone, but not ether, except in ethoxylate groups
Unsubstituted linear alkyl chains (especially those with more than four •	
carbons) and phenyl rings—these are good places for attack by oxygenase 
(oxygen-inserting) enzymes. It is the next best structural factor to include if 
the molecule does not already have an oxygen “handle.”

A class of production chemical that nicely illustrates some of these rules of thumb 
is the twin-tail quaternary surfactant hydrate anti- agglomerants (AAs) discussed in 
Chapter 9. The first generation of these twin-tail AAs had a structure similar to that 
in Figure 1.1, with a quaternary ammonium group bonded to two butyl groups (a key 
structural feature for performance) and two long hydrocarbon tails. The molecule 
is toxic (as with many quaternary ammonium surfactants) and shows poor biodeg-
radation. To increase the biodegradation, the second-generation twin-tail AA had 
an ester group placed in the long tails (Figure 1.2). This molecule does degrade 
at the ester group, leaving two long-chain fatty carboxylic acids and a small, less 

N+

Br–

Figure 1.1 First-generation twin-tail gas hydrate anti- agglomerant.
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surface-active and less-toxic quaternary ammonium compound with two hydroxyl 
groups. The linear fatty carboxylic acids that are formed biodegrade quite rapidly, 
but the small quaternary ammonium compound is very persistent even in a test lon-
ger than the standard 28 days by OECD306. These data were at least part of the 
reason why the chemical was not allowed for use offshore in Norway, although it 
has since been used offshore in the Netherlands. If the fatty carboxylic acid tails had 
been considerably branched, the rate of their biodegradation would be expected to 
be less. The third-generation twin-tail AA of this type had an extra methyl group 
placed near the ester groups to enhance performance (Figure 1.3). This branching 
might be expected to affect the rate of enzymatic hydrolysis of the ester groups by 
causing steric hindrance.

For polymers, it is well known that many classes with a polyvinyl backbone 
are poorly biodegraded, although this does depend on the type and size of the side 
groups.26–27 Examples are polyacrylates and esters thereof (used in scale, wax, and 
asphaltene inhibitors), polyvinylcaprolactam (a kinetic hydrate inhibitor), polyacryl-
amides (used in water shut-off treatments and as drag reducers), and polydimethy-
diallylammonium chloride (a flocculant). The use of groups susceptible to enzymatic 
hydrolysis (primarily esters and amides) and ethoxylate groups is useful to enhance 
biodegradation of polymers. Thus, many natural polymers such as polysaccharides 
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Figure 1.2 Second-generation twin-tail gas hydrate anti- agglomerant and first biodegra-
dation products.
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Figure 1.3 Third-generation twin-tail gas hydrate anti- agglomerant.
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and polyaminoacids show good biodegradation, although lignin is an exception. 
To illustrate this, biodegradable scale inhibitors based on polyaminoacids (such 
as polyaspartates) and polysaccharides (such as derivatives of inulin) have been 
developed. However, there have been unofficial reports that a few polyvinyl-based 
scale inhibitors (e.g., based on maleic acid chemistry) also biodegrade fairly rapidly 
(see Chapter 3 for more information). In addition, a range of more biodegradable 
demulsifiers has been claimed using various readily biodegradable polymeric core 
structures, which are then ethoxylated and propoxylated (see Section 11.3.3.9).

Biodegradable polymers for use as plastics is a well-researched subject.28–30 Most 
of them have polyester backbones, such as polylactide acid and poly-3-hydroxybu-
tyrate. Derivatives of these polymers do not appear to have been explored as poten-
tially biodegradable oilfield chemicals, either in water- or oil-based applications. 
However, other graft polymers with polyester backbones have been explored for use 
as demulsifiers and kinetic hydrate inhibitors (see Chapters 9 and 11, respectively).

1.5  mercury and arsenic Production

A production chemistry issue, which is not discussed elsewhere in this book, is the 
production of toxic metals and metalloids, such as mercury and arsenic.

Mercury originates from volcanic rocks that underlie hydrocarbon reservoirs and 
is naturally associated with the production of these hydrocarbons. It is soluble in 
hydrocarbons as organometallic compounds such as dimethylmercury (HgMe2) and 
other dialkylmercury species and even as mercury metal and inorganic mercury salts. 
Mercury associated with asphaltene was also found to be a significant fraction of the 
total mercury concentration in a number of crude oils examined.31 The organometal-
lic mercury compounds are particularly toxic, more so than inorganic mercury or 
the metal. These species are volatile and follow both the liquid and particularly gas 
hydrocarbon phases in parts-per-billion levels. Mercury and its organometallic com-
pounds can react with sulfur compounds during production, leading to mercury sulfide 
deposits usually in the oil-processing equipment. Metallic mercury can accumulate in 
aluminum alloy heat exchangers, causing corrosion and catastrophic failure of the 
equipment.32–33 Mercury in processed crude oil or condensate has a detrimental impact 
on refining by poisoning catalysts, degrading materials, and reducing product quality, 
especially refined products used as feedstocks for petrochemical manufacture.

Measuring mercury concentrations in crude oil, condensate, and natural gas is 
now becoming more important as mercury’s impact on production and processing 
systems becomes better understood.34 Many technologies have been developed to 
remove mercury compounds from hydrocarbon streams. The most common method 
today is the use of adsorbents.35–36 Examples are adsorption on silver or copper sul-
fide on an alumina support,37 adsorption on cuprous or stannous metal salts,38 acti-
vated carbon adsorbent,39 metal oxides or sulfide adsorbents,33,40 an ion-exchange 
resin containing active thiol-groups,41 polymers with thiol groups.42 An oil-soluble 
sulfur compound can first be added to the hydrocarbon stream followed by trapping 
of the mercury–sulfur compounds on an adsorbent.43 However, suspended (colloidal) 
forms of mercury, such as mercuric sulfide, evade capture by some sorbent beds. 
Alkali polysulfides and oil-soluble organic dithiocarbamate or sulfurized isobutylene 
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have been proposed to remove mercury from crude oils, natural gas condensates, and 
other liquid hydrocarbons.44–45

Some produced waters can also contain low levels of inorganic mercury cations, 
which can be a danger to the environment if discharged, as the mercury (espe-
cially when converted to alkylmercury species) can bioaccumulate through the 
food chain, ending up in fish and, eventually, humans if they eat the fish. Chemical 
precipitation, coagulation, and activated carbon adsorption methods can be used, 
but reinjection of the water in deep dry wells or depleted production wells can also 
be carried out.46–47 The best chemical precipitation technique for removal of water-
soluble mercury species (and arsenic) is to add sulfur compounds. Mercury (I) and 
(II) ions are soft acids, which bond strongly to sulfur-containing soft bases such 
as sulfides, thiols (mercaptans), thiocarbamates, and thiocarbonates.48 A sequential 
desander, oxidant (NaOCl), Fe3+, thiol, flocculant water treatment process has been 
operating relatively successfully at two South-East Asian fields since 2003.49–50 
Branched polymeric dithiocarbamates can be used to bind and precipitate mercury 
ions with simultaneous flocculation and water clarification.51 The dithiocarbamate 
polymers are made from reaction of ethylene dichloride with ammonia, and then 
derivatizing them to contain at least 5 mol% of dithiocarbamate salt groups. In 
one field application, an additional anionic flocculant was used to help settle the 
precipitate.52 Sulfur compounds such as thiols and dithiocarbamates will also form 
insoluble complexes with other metal ions such as Ag+, Pb2+, Cu2+, and Cd2+.

Arsenic may also present in natural gas streams as arsenic hydrides, such as arsine 
(AsH3), which is a very toxic gas.53 Arsenic compounds may also be found in accom-
panying produced waters and are also toxic. There are several methods of removing 
arsenic compounds from natural gas and water to meet environmental requirements. 
These include pyrolysis, adsorption, and absorption. Many of the adsorbent meth-
ods referenced for mercury removal also work to remove arsenic from hydrocarbon 
streams. Regarding chemical methods, reaction with an oxidizing agent has been 
used to remove arsenic compounds from natural gas. If arsenic is present in water, 
it is predominantly as As(III) (arsenite) with only a minor amount of As(V) (arsen-
ate). As(III) is the most harmful of the two species. As with mercury, As(III) can be 
removed by precipitation with sulfur compounds such as mercaptans, followed by 
flocculation.49,54 Arsenic-containing corrosion inhibitors used to be included in acid 
stimulation packages, but they have been replaced by more environmentally friendly 
organic inhibitors and intensifiers (see Chapter 5 for details).
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2 Water and Gas Control

2.1  introduction

This chapter discusses chemical methods to control water and gas production. Some 
of these techniques can be used to shut off either water or gas.

As oilfields mature, they produce increasing quantities of water. Handling such 
large volumes of water is an expensive business and can even cause bottlenecking 
at the surface-processing facilities. One report published in 2007 illustrated the cost 
using a typical North Sea field of 50 wells, with each well producing 5,000 bbl of 
water per day. If the cost of treating each barrel is $0.50, the daily water-handling 
cost for the oilfield would equate to $125,000, ($45.6 million per annum).1 Water 
production costs are not just associated with handling the water. Water production 
can cause scale formation, fines migration, sandface failure, corrosion of tubulars, 
and even kill wells by hydrostatic loading. Thus, it pays to defer water production for 
as long as possible.2–3

The most common techniques for shutting off water-producing zones are 
mechanical isolation, cement squeezing, and polymer gel treatments, which require 
zonal isolation. Disproportionate permeability reducer (DPR) or relative permeabil-
ity modifier (RPM) treatments can be bullheaded, and so they are an alternative to 
zonal isolation treatments.

Production wells are initially perforated near the bottom of the pay zone. When 
bottom water begins to dominate the fluid production, these perforations are sealed 
off with a cement squeeze, a packer, or a plug. The well is reperforated above the 
sealed zone, and oil production is resumed. This process continues until the entire 
pay zone has been watered out. Squeezing with cement is often not sufficient by 
itself: a success rate of about 30% is achieved. The reason for this is that the size 
of standard cement particles restricts penetration of material into smaller channels, 
fractures, and highly permeable zones. The use of organic polymer gel can give good 
penetration and a treatment can last for several years. However, a combination treat-
ment (cement/polymer gel) could be even more effective. Gel is first placed into the 
formation to the required lateral depth. Then, the near-wellbore channels are sealed 
with a tail-in of cement. The cement helps lock the gel or polymer in the formation 
and helps prevent residual polymer production.

Another water shut-off method is to place a membrane in the well made of a mate-
rial that will swell on contact with water but not with oil.4 When water production 
takes place, the swelled material will block off the water-producing zone. However, 
this method does not give good penetration depth away from the wellbore.

There is a range of chemical techniques for shutting off or reducing water produc-
tion from a well, which will be discussed in this chapter. An overview of commercial 
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products available up to 2001 has been published.5 Water shut-off treatments have 
also been used very successfully in injector wells to obtain a better directional pro-
file. Water shut-off chemical techniques include:

resins and elastomers•	
inorganic gels•	
cross-linked organic polymer gels•	

monomer-based•	
polymer-based•	

viscoelastic surfactants (VESs)•	
DPR or RPM•	

includes emulsified gels•	
microparticles and colloids•	

Gel treatments are also useful for gas shut-off. A technique that works for gas shut-off 
but not water shut-off is the use of stabilized foams. This is reviewed in Section 2.8 
(Gas Shut-Off).

2.2  resins and elastomers

Resins and elastomers such as those based on phenolics, epoxies, or furfuryl alcohol 
can be used to shut off water-producing zones. They have sufficient physical strength 
to seal fractures, channels, and perforations. They are relatively expensive. Therefore, 
their use normally is confined to within the first radial foot of a wellbore. Lower 
concentrations of these resins or elastomers can be used for sand consolidation.5 
Phenolics are resins based on phenols and formaldehydes. A composition containing 
phenolformaldehyde and at least one of sodium bisulfite, sodium metabisulfite, or 
mixtures thereof together with various deployment procedures has been claimed as 
a method of reducing the deleterious effects of water production.6 The sulfite salt has 
been found to be critical for delay of viscosity set up for an adequate time to enable 
flow of the aqueous polymer to the desired site. A styrene-butadiene latex, activated 
by brine, is also available. Epoxy is a product of the reaction between epichlorohydrin 
and bisphenol A and a common hardener is diethylenetriamine. A controlled cata-
lyst system using trichlorotoluene and pyridine with furfuryl alcohol has also been 
used.7 A consolidation fluid for reducing particle and water production comprises 
a hardenable resin component, a liquid-hardening agent, a silane-coupling agent, 
and a surfactant has been claimed.8 Typical resins are bisphenol A–epichlorohydrin 
resin, polyepoxide resin, novolak resin, polyester resin, phenol-aldehyde resin, urea-
aldehyde resin, furan resin, urethane resin, and glycidyl ethers.

2.3  inorganic gels

Inorganic gels based on silicates have been widely used for water shut-off. The gen-
eral method is to use a water-soluble sodium silicate solution and react it with a 
gelling agent to generate a gel. The silicate solution is typically not compatible with 
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formation waters, since sodium silicate reacts with divalent calcium ions instantly 
to generate gel. In this approach, two solutions are injected in any order and are 
separated by a slug of an inert aqueous spacer liquid. A common gelling agent is 
ammonium sulfate.9 However, this technology cannot generate uniform gels to plug 
the porous medium and cannot place the gel deep into the formation. Several staged 
treatments are also required in pumping the fluids using these techniques.

A common inorganic gel sealant is based on internally activated sodium sili-
cates (IAS).10–16 An IAS system is generally placed as a water-thin, freshwater-
based solution that consists of a silicate source and an activator that is designed to 
trigger gelation of the silicate at a designated time. The gel times of IAS systems 
are controlled by the pH and temperature. When sodium silicate is acidified to a 
pH value of less than 10.6, a three-dimensional network of silica polymers forms 
that creates a gel. A slight decrease in the pH greatly reduces gel time. As a result, 
gel times are difficult to control by the addition of acid at the surface. However, 
the target pH can be reached in the formation when materials are added that 
slowly release acids. The addition of an alcohol will also cause high-pH sodium 
silicate solutions to gel. To regulate the gelling time, an organic material (activa-
tor) that reacts with water to produce an alcohol and/or acid is often mixed with 
the silicate solution.

Examples of activators that release acid or alcohol at elevated temperatures in the 
aqueous formation fluids include halogenated organic compounds such as trichloro-
acetic acid and salts and esters thereof: these release hydrochloric acid (HCl). Another 
method of generating an acid is to use ester, lactone, or amide in situ hydrolysis, 
such as diesters of dicarboxylic acids (e.g., dialkyl succinate) solubilized as micro-
emulsions.17–19 Activators that generate alcohols include polyhydroxy compounds 
such as glycerol, mannitol, or sugar, or reducing sugars such as lactose, xylose, and 
so forth.20–21

Another silicate gel activator system uses urea/formaldehyde resins, which decom-
pose to release urea in the formation thereby gelling the silicate.22–23 Addition of a 
chelate such as EDTA greatly increases the divalent ion tolerance of the silicate gell-
ing system since silicates can be made to gel by the addition of cations.24 Silicate gels 
are stable at up to 200°C (392°F) and hence are applicable for high-temperature wells. 
They have also been used in gas shut-off treatments (see Section 2.8 on gas shut-off).

Organosilicate (or siloxane) blocking gels can be generated in situ via hydrolysis 
of oil-soluble organosilanes on contact with water. At low concentrations, they are 
useful for sand consolidation but at higher concentrations, they have been claimed 
for water shut-off treatments.25 Typical organosilanes are 3-aminopropyltriethoxy-
silane and bis-(triethoxy silylpropyl)amine, or mixtures thereof.

Another inorganic gel system that has been used in the field is based on in situ 
hydrolysis of trivalent cationic solutions.26–27 Iron(III) is the easiest to use. Iron(III) 
ions are only stable in solution in acid solution. They hydrolyze easily when the pH 
drops by spontaneous aging in the formation, causing precipitation of iron(III) hydrox-
ide species. These particles can flocculate and form a water block. The new blocking 
material has excellent stability under field conditions, and yet simple remediation is 
possible in case of placement failures. Further, the novel method is characterized by 
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a self-controlling chemical mechanism. Injectivity problems did not arise using this 
technique in the field, even in low-permeability and tough formations.

A related system comprises injecting sequentially an aqueous caustic solution 
and an aqueous solution containing a polyvalent cation, such as Mg2+, into the near-
 wellbore environment of a subterranean formation interposed by a hydrocarbon 
spacer.28 The spacer causes the two aqueous solutions to mix in the near-wellbore 
environment and an insoluble precipitate, such as Mg(OH)2, is formed, which prefer-
entially reduces the permeability of the relatively high permeable zones in the near-
wellbore environment thereby improving conformance and flow profiles of fluids 
subsequently injected into or produced from the formation. A chemically related 
technique, which has been used for water shut-off via coiled tubing in the North 
Sea, uses magnesium oxychloride slurried in water.29–30 The composition undergoes 
a rapid phase transition to form a substantially solid mass with a near-linear relation-
ship between the time required for the phase transition to occur and the composition 
temperature at which the phase transition occurs, thereby permitting accurate deter-
mination of the set time.

Partially hydrolyzed aluminum chloride has been used as an inorganic gel pre-
cursor.5 This system precipitates an aluminum hydroxide gel when an activator 
responds to temperature and raises the system pH above a certain value. Activators 
are selected from sodium cyanate with urea or hexamethylenetetramine.31–32 A gel 
forms since aluminum and hydroxyl ions link with each other in such a way as to 
form an amorphous, irregular 3D impermeable network. High concentrations of sul-
fate and carbonate ions can destabilize the system. Sodium aluminate NaAl(OH)4 
has been used as a water-control treatment in gas wells. On contact with formation 
water, the pH drops and an aluminum hydroxide gel forms.

2.4  cross-linked organic Polymer gels 
For Permanent shut-oFF

Strong cross-linked polymer gels were the first chemical water shut-off treatments to 
be used in the field. Basically, a 100% water-producing zone is isolated and an aque-
ous polymer solution containing a cross-linker is pumped into the near-wellbore. 
As the temperature of the solution increases, cross-linking takes place and a gel is 
formed, blocking the pores. These gels block both water and oil production, so care-
ful planning and zone isolation are needed to avoid plugging oil-producing zones. 
Even so, the industry now has a good grasp of the technology, and the success rate 
for water shut-off gel treatments is about 80%. Polymer gel water shut-off treatments 
can be used in oil or gas wells.

The polymer solution (plus cross-linker) can be made in advance and pumped 
into the formation, or monomer solutions can be pumped with a polymerization ini-
tiator and the polymer formed in the near-wellbore during shut-in at elevated tem-
perature where it also cross-links. Polymer gel treatments can be combined with 
sand consolidation treatments33 or huff-puff surfactant stimulation techniques.34 A 
huff-puff is a stimulation process in which a surfactant solution (normally anionic 
or nonionic) is first injected into a single production well (huff) and then the well is 
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shut off for a few days to allow surfactant imbibition and lastly the well is put back 
into production (puff). The injected surfactant can scour the residual oil in contact 
with surfactant near the wellbore. In addition, the surfactants that are injected into 
a carbonate reservoir can be imbibed into the carbonate matrix to alter the matrix 
from oil-wet to water-wet, which allows the aqueous phase to penetrate the oil-rich 
matrix and push out formerly by-passed oil. Polymer gel treatments have also been 
combined with cementlike rigid-setting materials or noncement particulates for 
better conformance control of high water-cut wells.35–36 The system can be bull-
headed into the well and the temperature range of the particle gel system is 21–177°C 
(70–350°F). The system can be easily washed out of the wellbore, as compared with 
cement, which must be drilled out.

2.4.1  POlymER injECtiOn

A variety of water-soluble polymers can form solid gels when they are cross-
linked.37,38 Most cross-linked polymer gel water shut-off treatments practiced today 
use ready-made polymers that become cross-linked and gel in the formation at ele-
vated temperatures. The most common gel systems that have been investigated are 
as follows:

Partially hydrolyzed polyacrylamide (PHPA, or acrylate/acrylamide •	
copolymers)

Cross-linked with metal ions•	
Cross-linked with organic compounds•	

Cationic or sulfonated polyacrylamides (PAMs)•	
Cross-linked with metal ions•	
Cross-linked with organic compounds•	

PAM•	
Cross-linked with organic compounds•	

Acrylamide/•	 t-butyl acrylate copolymer
Cross-linked with polyethyleneimine (PEI)•	

Biopolymers•	
Cross-linked with metal ions•	

Polyvinyl alcohol or polyvinylamine•	
Cross-linked with organic compounds•	

Polyacrylamides or biopolymers cross-liked at high pH with borate ions and/or metal 
oxide cross-linkers have been claimed as gelling diverting agents for water shut-off 
treatments.39 The gelation time can be controlled by varying the cross-linker concen-
tration or by injecting a preflush to cool down the formation. Generally, the molecu-
lar weights of the polymers are very high (millions of daltons). PAM has neutral 
amide side groups and is difficult to cross-link. PHPA contains carboxylate groups 
in the form of acrylate monomers. The percentage of carboxylate groups may vary 
from 0 to 60%. These carboxylic acid groups can be made to cross-link using various 
organic compounds or trivalent or tetravalent metal ions at elevated temperature.
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2.4.1.1  metal ion cross-linking of carboxylate-containing  
acrylamides and Biopolymers

Polyvalent metal ions will cross-link with carboxylate groups found in PHPA, acry-
late copolymers, or certain natural polymers. Chromium(VI), such as in dichro-
mate ions, can be used as a cross-linker precursor that is reduced to chromium(III) 
cross-linker by a reducing agent.40 This system was much used in the early days 
of water shut-off treatments. However, this system does not give sufficient control 
over the gelation time. H2S in the reservoir may also give premature reduction to 
chromium(III) and subsequent cross-linking.

The most common metal ion cross-linkers to have been investigated are Cr(III), 
Ti(IV), Al(III), and Zr(IV) ions. Al(III) ions as cross-linker is rarely used because 
the cross-linking reaction cannot be controlled or delayed as well as other systems.41 
For example, a field trial with aluminum citrate that needed precooling of the near-
wellbore to avoid premature gelling has been reported.5 Cr(III) has been much used 
in the field to cross-link PHPA.42–43 However, it is banned from use in the North Sea, 
the reason being that Cr(VI) compounds are carcinogenic, even though one can argue 
that there is little chance that Cr(III) will get oxidized to Cr(VI) in the environment.

To gain some control over the gelation times and obtain deeper penetration of the 
gel, carboxylate salts of Cr(III) are used.44 An early and today much-used system is 
PHPA and chromium(III) acetate (Figure 2.1).45–46 This system is relatively insensi-
tive to pH and salinity and can be used to form water-blocking gels at up to 124°C 
(255°F). High molecular weight PHPA (ca. 5 × 106 Da) is used for blocking fractures 
whereas lower molecular weights are used for blocking matrix pores.

Another commercial system uses PHPA and Cr(III) propionate as cross-linker and 
is claimed to be more temperature resistant than the PHPA/Cr(III) acetate system.47 
PHPA/Cr(IIII) lactate or malonate have also been shown to have useful gelling times 
over the range 90–135°C (275°F).48–49 Since the metal ion release for cross-linking 
with a PHPA is dictated by the strength of interaction between the metal ion and the 
protective anion, the release of the metal ion can be controlled by pH adjustments 
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Figure 2.1 Cross-linking of PHPA with Cr(III) acetate.
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or by adding chelants to the metal/polymer solution.50 NaF can also be added as a 
stability additive to PHPA/Cr(III) gelation solutions.51 A laboratory study has shown 
improved performance for fracture-problem water shut-off polymer gels that are for-
mulated with a combination of high and low molecular weight polymers. These gels 
are intended for application to fractures or other high-permeability anomalies that 
are in direct contact with petroleum production wells.52

Besides chromium(III), zirconium(IV) is the most used metal cation cross-linker, 
for example, zirconium(IV) lactate has been deployed.53 The polymer can be PHPA 
or weakly hydrolyzed and sulfonated PAM.54 Metal ion cross-linked gels for high-
temperature applications can be made using sulfonated polymers with additional 
amounts of open-chain and especially cyclic vinylamides such as N-vinyl pyrroli-
done or N-vinyl caprolactam. These polymers also have good compatibility with 
divalent cations. Addition of small amounts of phosphonic acid groups can improve 
their adsorption characteristics.55 Improved polymer gel thermal stability can also be 
obtained by using organic cross-linkers (see below).

2.4.1.2  gels using natural Polymers
Gels based on metal cross-linked natural polymers have also been studied and 
applied in the field. However, results have generally been poorer than with synthetic 
polymers as the gels are not very robust, degrading too quickly.56 Thus, they are best 
used for low-temperature applications. For example, results at 90°C (194°F) with 
cellulose-based and xanthan gels showed short half-lives ranging from less than a 
day (complete syneresis) up to 45 days depending on concentration and polymer 
type. Intermediate stabilities were observed with scleroglucan, while the most stable 
gels with half-lives of more than a year were observed at 90°C (194°F) with ligno-
sulfonate and phenoformaldehyde materials.57 The triple helix structure of sclero-
glucan may be responsible for its superior thermal stability over xanthan.58 Xanthan, 
cross-linked with Cr(III) ions has been used successfully in many low-temperature 
fields to plug water-thief zones and divert the water to underswept oil-bearing zones.59 
An extracellular polysaccharide produced by Alcaligenes bacteria has been cross-
linked with Cr(IIII) salts to form firm gels that are stable for long periods at elevated 
temperatures. Field results have been reported.60–61 Aldehydes, such as glutaralde-
hyde, have been proposed as cross-linker for polysaccharide such as scleroglucan for 
reservoir temperatures up to 130°C (266°F).62 Hexamethylenetetraamine can be used 
as an aldehyde precursor.63,64*

2.4.1.3  organic cross-linking
Metallic cross-linking of carboxylate polymers such as PHPA is not suitable for very 
high temperature applications. In these reservoirs, excessive polymer gel hydrolysis will 
occur.65–66 Also, syneresis will take place via additional unwanted cross-linking with 
divalent cations such as Mg2+ and Ca2+. In soft waters, PAM gels are more stable.67

* Gels formed by cross-linking of polymers with vicinal hydroxyl groups, such as galactomannan and 
polyvinylalcohol, with boron-containing compounds gave a loss of viscosity at elevated pressures, but 
this was not observed with Ti(IV) and Zr(IV) cross-linkers.
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PHPA can be cross-linked with mixtures of phenolic compounds and an aldehyde 
for higher-temperature applications. The simplest cross-linker system would be phe-
nol and formaldehyde (Figure 2.2).68–73 To avoid the use of toxic phenol or formalde-
hyde, precursors can be used that generate phenol or formaldehyde in the reservoir. 
Hexamethylenetetraamine is used to generate formaldehyde and resorcinol, salicyl 
alcohol, phenyl esters such as phenyl acetate, furfuryl alcohol, aminobenzoic acids, 
and salicylic acid are used as more environmentally friendly phenol precursors.74–76 
Unhydrolyzed PAM can also be cross-linked with hexamethylenetetraamine, alde-
hydes such as teraphthalaldehyde and hexanal (with solubilizing surfactants), and 
glutaric acid.77 The gels can be made more stable by adding a secondary cross-linker 
such as hydroquinone, dihydroxynaphthalene, or gallic acid. In fact, phenolic com-
pounds can form thermosetting gels with formaldehyde alone, without the need for 
an acrylamide polymer. A system thought to be based on resorcinol and formalde-
hyde has been tried in the field.78 Cationic PAM cross-linked with glyoxal has also 
been used in the field.

An alternative approach to delayed gel systems is to use an acrylamide/acrylic 
ester copolymer. The most studied and applied copolymer is acrylamide/t-butyl acry-
late ester copolymer (PAtBA). Both the acrylamide and t-butyl ester groups will 
hydrolyze in the reservoir at elevated temperatures producing acrylate groups.79 The 
t-butyl ester hydrolyzes more readily. The resulting acrylate copolymer could be 
cross-linked with metal ions but these gels are not stable at high temperatures for 
long periods. A better cross-linker is a polyamine such as PEI forming amide cross-
links (Figure 2.3).80–82 Gels formed with PEI and PAtBA were stable in the labora-
tory at 156°C (313°F) for many months. Another study obtained good stability at 
177°C.83 These gelants were shown to propagate eight times farther than chromium-
based gelants under equivalent conditions. The reason for using the t-butyl acrylate 
ester is that it reacts more slowly with PEI than small less-steric esters such as methyl 
acrylate ester thereby avoiding premature gelling and deeper penetration. Many field 
applications with this system have been carried out.84

Regarding the cross-linking reaction of the PAtBA/PEI system, the ester groups 
on the PAtBA polymer provide masked cross-linking sites. These groups either 
hydrolyze or thermolyze according to pH and temperature. At conditions of low pH 
and temperature, the copolymer hydrolyzes and forms PHPA and t-butyl alcohol.85 
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Figure 2.2 Possible gelation mechanism for acrylamides with phenol and formaldehyde.
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At high temperatures, the copolymer thermolyzes producing PHPA and isobutene. 
After the breakage of the ester groups, carboxylate groups are formed. At < 100°C 
(212°F) and < 20 h, nucleophilic attack by an imine nitrogen from the PEI on the car-
bonyl carbon attached to the ester occurs resulting in a covalent bond. At high tem-
peratures, another mechanism may be operating possibly by attack of amine groups 
on the carbonyl moiety in acrylamide.

In the Norwegian sector of the North Sea, PEI is targeted for phase-out as a cross-
linker for acrylamide or acrylate ester polymers for environmental reasons. A study 
has shown that chitosan can be used as an alternative more environmentally accept-
able cross-linker to form stable blocking gels at up to 120°C (248°F).86 Chitosan is 
formed from hydrolysis of the natural polymer chitin and contains primary amine 
groups as well as hydroxyl groups. It is primarily the amine groups that cross-link to 
form amide groups (Figure 2.4).

Since the chitosan cross-linker is only a minor component of the gel composition, 
the total system is still predominantly nonbiodegradable due to poor biodegradability of 
the synthetic base polymer. To avoid this problem, it has been claimed to use a polysac-
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Figure 2.3 Hydrolysis and cross-linking of acrylamide/t-butyl acrylate ester copolymer 
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charide-based polymer, such as starch, with an oxidizing agent, which is capable of at 
least partially oxidizing the polysaccharide-based polymer making it cross-linkable.87

2.4.1.4  Polyvinyl alcohol or Polyvinylamine gels
Polyvinyl alcohol (PVA) or polyvinylamine (PVAm) can be cross-linked with phenols/
naphthols and aldehydes to form very stable gels.88–89 However, there are few reports 
of their use in the field.90–91 A typical aldehyde is formaldehyde. PVA is made indus-
trially by hydrolysis of polyvinyl acetate and PVAm is made industrially by hydrolysis 
of polyvinylformamide.92–93 PVA plus partially methylated melamine-formaldehyde 
resin has also been claimed.94 PVA can also be cross-linked using only a dialde-
hyde such as glyoxal or glutaraldehyde. The reaction proceeds via a hemiacetal.95–96 
The only metal ion that is reported to be able to cross-link PVA is titanium(IV).97

2.4.1.5  Problems associated with Polymer gel water shut-off treatments
There are a number of potential problems with the use of polymer gels.5 These include:

syneresis•	
precipitation•	
chemical degradation•	
mechanical degradation (shear degradation)•	

Syneresis refers to a collapse of the polymer gel structure and has been observed 
in many polymer systems. This is characterized by a loss of adhesion, reduction in 
volume, and expulsion of water. Possible causes are excess cross-linker, polymer 
hydrolysis, and divalent ions such as Ca2+. Where too much cross-linker is present, 
cross-linking continues well past the point of gelation. This causes the polymer gel 
to contract in volume (synerese) expelling water as it does so. Depending on the com-
position, a syneresed gel may occupy as little as 5% of the initial solution volume. 
Acrylamide polymers can hydrolyze to acrylate groups in the hot reservoir, which 
gives more sites for cross-linking and possible syneresis. High concentrations of 
divalent cations in the formation can provide more cross-linking than that expected 
from the injected metal cross-linker. The permeability reduction obtained in rock 
pores remains technologically useful even with very high percentages of syneresis. 
In contrast, in a fracture system, the effects of syneresis are expected to be much 
more important than in matrix applications.

Polymer precipitation is the result of interaction between divalent cations and the 
carboxylate groups present within the hydrolyzed polymer. As the percentage of car-
boxylate groups increases, the solubility decreases in the presence of these cations. 
Eventually, precipitation occurs and the polymer is then unavailable to form a gel.

A polymer may gel correctly in the formation and later thin out due to chemical 
bond breakage. This results in short field life of the treatment. Probable causes are 
high reservoir temperatures, oxygen contamination, or peroxide contamination fol-
lowed by free-radical generation. The effect is a loss of polymer molecular weight 
and structure. Gel stability can be improved by adding sulfonated monomers such 
as AMPS.
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Many water shut-off polymers have very high molecular weights resulting in long, 
linear polymers. Some shear degradation may occur as polymer passes through a 
pump, in turbulent flow through pipes and tubing, through perforation tunnels and 
through formation pores. A shear-degraded polymer will have a lower molecular 
weight and will be less effective in forming a gel.

2.4.1.6  other improvements for cross-linked Polymer gels
Cationic PAMs have been used to give better polymer adsorption to carbonate rock 
and prevent premature back production.98 Improved gel strength can be obtained by 
adding an amount of an inert colloidal particulate material such as colloidal silica.76 
Deeper placement of the gelling formulation can be obtained by using preflush of 
a chemical that lets the polymer flow over it into deeper areas. The chemical is 
selected from the group consisting of tetramethylammonium salts, polyvinylpyrroli-
done, polyethyleneoxide, PEI, and nonionic, amphoteric, anionic, and cationic sur-
factants.99 The chemical attaches to adsorption sites on surfaces within the porosity 
of the formation but slowly washes off the sites as another fluid flows through the 
treated formation. Thereafter, a water-flow–resisting polymer is introduced into the 
formation so that it flows deeply into the porosity of the formation before the previ-
ously introduced chemical washes off and attaches to the adsorption sites as the 
chemical washes off.

An example of a self–cross-linking water-soluble polymer consists of the monomer 
units acrylamide, acrolein, and 4-vinylphenol (Figure 2.5).100 Foamed gels have also 
been claimed as a water shut-off technique.101 The foamed gel is formed from a cross-
linkable carboxylate-containing polymer, a cross-linking agent containing a reactive 
transition metal cation, a polyvinyl alcohol, an aqueous solvent, and an added gas.

2.4.2  in Situ mOnOmER POlymERizAtiOn

Instead of using a preformed polymer, monomer solutions plus cross-linker can be 
pumped with a polymerization initiator and the polymer formed in the near-wellbore 
during shut-in at elevated temperature.102–104 The second method has been used in 
the field significantly less than the former method.105–107 One of the reasons for this 
is that acrylamide monomer, a major component in these polymers, is classified as 
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Figure 2.5 Acrylamide/acrolein/4-vinylphenol terpolymer.
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carcinogenic. Another reason is that the polymerization initiators, azo or peroxy 
compounds, are expensive. In addition, it is difficult to obtain long-enough poly-
merization delay times with these systems. This latter problem has been overcome 
by using an emulsion.108 A typical emulsion system uses N-methylolacrylamide or 
N-methylolmethacrylamide monomer, a diperoxide polymerization initiator such 
as 2,2-bis(tert-butylperoxy)butane, an emulsifier such as a polyoxyethylenated sor-
bitan ester, a polymerization retarder such as para-t-butylcatechol and an aliphatic 
hydrocarbon.

2.5  viscoelastic surFactant gels

Viscoelastic surfactant–based fluid systems that form viscous plugs have been 
claimed for use in water and/or gas shut-off applications.109 The fluid systems may 
include brine, a viscosity enhancer, as well as the VES, and, optionally, a stabi-
lizer for high-temperature applications. Suitable VESs include nonionic, cationic, 
amphoteric, and zwitterionic surfactants (see Section 5.7.4 for examples). Amine 
oxide VESs are a preferred class as they have the potential to offer more gelling 
power per unit weight, making them more cost-effective than other fluids of this 
type. Preferred stabilizers are magnesium oxide, titanium(IV) oxide, and aluminum 
oxide. The viscosity enhancer may include pyroelectric particles, piezoelectric par-
ticles, and mixtures thereof.

A chemical method of plugging water-producing zones during a well-fracturing 
operation is the use of specific viscoelastic anionic surfactants (VASs), which are a 
class of selective permeability blockers.110–111 Viscoelastic anionic surfactants pro-
duce shear-thinning gels in the presence of cations, which are easily pumped and can 
permeate into porous, permeable rocks. An example of a VAS is the family of alkyl 

sarcosinates (Figure 2.6).110–111 Once in the for-
mation pores, the viscosity could increase by 
as much as 100 times, thereby restricting fluid 
movement. Contact with hydrocarbons breaks 
the gel, greatly reducing the viscosity. This 
frees up only the pores with residual hydrocar-
bon saturation, leaving them clear and strongly 
water-wet. Conversely, pores with high water 
saturation remain plugged with the gel.

2.6  disProPortionate PermeaBility reducer 
or relative PermeaBility modiFier

DPRs are distinguished by some authors from RPMs although the effect is the same, 
that is, to reduce water permeability without significantly affecting oil permeability. 
DPRs are sometimes described as chemicals that plug pores but they do not precipi-
tate, swell, or viscosify as much in the presence of hydrocarbons as they would do 
in a water environment.90 The net effect is a reduction of water permeability by a 
larger factor than that to oil. DPR and RPM treatments can be bullheaded and are 
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Figure 2.6 Alkyl sarcosinates.
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an alternative to polymer gel treatments, which require zonal isolation. Examples of 
DPRs are rosin wood derivatives, which gel in the presence of water. One can also 
use oil-soluble silicon compounds, which react with water in the formation to form 
water-blocking silicate gels. In this way, the oil-bearing zones are not appreciably 
affected.112 Examples of silicon compounds include alkyl silicates such as methyl-
orthosilicate or ethylsilicate, and halosilanes. These silicon compounds can be used 
in combination with polymeric RPMs (see below) for improved water blocking.113 
The DPR can also be combined with scale inhibitor squeeze treatments.114

2.6.1  EmulSifiEd gElS AS dPRS

To optimize the DPR effect, it is important to place the gel at oil saturation higher 
than the residual. Based on this fact, a new DPR technique has been developed 
using a thermally sensitive water-in-oil emulsion containing a gelling formulation.115 
Successful field applications have been reported in which the gel system used was 
acrylamide/t-butyl acrylate ester copolymer with PEI as the cross-linker.116 For a sig-
nificant reduction in oil permeability, the gel should occupy only a fraction of the 
treated volume. An important feature of the emulsion is that it breaks spontaneously 
before a gel is formed. Under static conditions after shut-in, the water phase separates 
and gels up, leaving the oil phase mobile. Emulsified systems are easier to handle and 
predict than the previously evaluated coinjection of oil and gelant.117 In water-wet 
cores, the permeability reduction was much stronger when using a gelant with the sat-
uration of gelant in the oil (25%), since an aqueous gelant in a water-wet media blocks 
narrow passages like pore throats. Using emulsified gelants, it is possible to obtain a 
measurable permeability reduction instead of a complete blocking. The reason is that 
the oil (in the emulsion) helps to keep some channels open so that it is possible for oil 
to flow through the core without first having to break the gel mechanically.

2.6.2  hydROPhiliC POlymERS AS RPmS

RPMs are water-soluble, hydrophilic polymers that adsorb to rock surfaces in the 
formation. Useful reviews have been published.90,118

The required effects of an RPM are to water-wet the pores and use the adsorbed 
hydrated polymer layer to reduce the pore throat channel size significantly. Thus, 
maximizing the hydrated polymer volume is important. The net effect is a reduction 
of water permeability by a larger factor than that of oil. If the loss of productivity 
index can be compensated by higher drawdown, the treated well can also produce 
more oil or more gas, hence a stimulation technique.119 If the RPM enters mainly 
fractures, there will be little effect on the relative water permeability as the frac-
ture channels are much wider than pore throats. RPM R&D grew rapidly after the 
mid-nineties since treatments can be bullheaded and do not require coiled tubing 
and zonal isolation. Thus, they are cheaper than polymer gel treatments, which 
require zonal isolation. However, polymer gel water shut-off treatments can last for 
several years if carried out correctly whereas RPM treatments usually have a shorter 
lifetime of a year or less.120 The treatment success rate in the field with RPMs is still 
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not as high as polymer gel treatments, and may not be due to product failure but to 
poor candidate selection. A methodology to evaluate well candidates for RPM and 
other matrix applications has been published,121–122 as well as the feasibility of using 
RPMs to control water production in gas wells. RPM injection followed by a polymer 
gelling treatment has been claimed for blocking water production in gas wells.123

Although there is still some contention over the mechanism of RPMs, a general 
mechanism has been suggested, where RPM is governed by segregated or preferred 
flow of oil and water at the pore level.124 The water-based RPM fluid will be located 
in the parts of the pores preferred for water flow with little impact on the oil flow. 
The swollen adsorbed polymer layer, being hydrophilic but oleophobic, would dehy-
drate and shrink when hydrocarbons flowed through the pore, and so would not 
impair oil/gas production. The polymer layer can also have a drag effect on the flow-
ing water but minimal effect on flowing oil. The authors of the mechanism also sug-
gest that RRF (defined as the ratio between permeability before and after treatment) 
could be determined by the gel saturation in the porous media.

To be effective, RPMs must enter the complete zone and strongly adhere to the 
rock.1 Therefore, removing oil deposits in the near-wellbore is essential, usually by 
the use of a surfactant preflush. Better still, the surfactant can be added to the poly-
mer RPM formulation.125 If the RPM material works correctly, then the impact on 
the oil zone is minimal.126 However, it should also be possible to clean up the treat-
ment if the oil-producing zones are damaged, usually by adding a polymer breaker 
such as a persalt.

Besides the well-known use of hydrophilic polymers, there are very few reports or 
claims on the use of non-VESs to reduce water production. One patent covers the use 
of imidazoline compounds, which are fatty acid, oxyethyl derivatives of imidazole to 
control water production in sandstone reservoirs.127

2.6.2.1  types of Polymer rPm
A wide range of hydrophilic polymers has been studied as RPMs. They can be divided 
into two categories, synthetic vinyl polymers and natural polymers. Examples of 
RPM polymers that have been deployed without the need for cross-linking include

PAM•	 128–129

PHPA•	 130

Xanthan•	 131

Scleroglucan•	 132

Cationic acrylamide polymers with methacrylamidopropyltrimethyl ammo-•	
nium chloride, dimethyl diallyl ammonium chloride, or dimethylamino-
ethylmethacrylate (DMAEMA) monomers133–135

Cationic modified natural polymers, such as cationic starches•	 136

Amphoteric terpolymers of acrylic acid, acrylamide, and diallyl dimethyl •	
ammonium chloride monomers137–139

Acrylamide/AMPS copolymers•	 140

Vinyl sulfonate/acrylamide copolymers and vinyl sulfonate/vinyl •	
formamide/acrylamide terpolymers141

Acrylamide/•	 N-vinyl pyrrolidone copolymers142
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Acrylamide/2-acrylamido-2-methyl propane sulfonic acid (AMPS)/vinyl •	
formamide terpolymers (Figure 2.7)143

Brush polymers consisting of a polymeric back-bone grafted with polyethylene •	
oxide, such as poly[dialkylaminoacrylate-co-acrylate-g-poly(ethyleneoxide)].99,144

Early RPMs used simple PAM or PHPA or natural polymers such as xanthan or sclero-
glucan. However, treatment lifetimes were fairly short with these polymers as they 
were back-produced or degraded too quickly. Addition of formaldehyde as biocide 
gave better thermal stability to scleroglucan. However, biopolymers have injectivity 
problems as a result of the high viscosity of the polymeric solution and its tendency to 
flocculate. Cationic acrylamide or amphoteric acrylamide polymers have been used 
for better rock adsorption, shear sensitivity, and temperature and salt tolerance.

PAMs have a poor efficacy and reduced duration of the treatment due to the lim-
ited thermal stability; PAMs modified by the introduction of cationic groups have a 
good efficacy and show good rock adsorption and salt tolerance.133–134 Their tempera-
ture stability can be improved by using methacrylamidopropyltrimethylammonium 
chloride monomer instead of acrylamidopropyltrimethylammonium chloride to 
make the copolymer.135 Several hundred jobs have been carried out with the anionic 
acrylamide/AMPS/vinyl formamide terpolymer of moderate molecular weight, 
mostly in low-oil-producing wells. This has largely replaced the use of amphoteric 
copolymers.145 The vinyl formamide functions as an anchoring monomer. Initial 
fracturing treatment field trials successfully used this RPM as an additive to organo-
borate cross-linked pad stages. Vinyl polymers containing sulfonated monomers 
have even more stability than nonsulfonated polymers such as PAM and PHPA. They 
also have better compatibility with divalent metal ions than PAM and PHPA, which, 
at reservoir temperatures, are prone to further hydrolyze to acrylate groups. It has 
been mentioned that polymers can selectively reduce the relative permeability to 
water with respect to oil, and this property does not depend on the type of polymer 
(as long as it is hydrophilic) or the rock type.146

In one RPM treatment improvement, the volume occupied by the hydrated poly-
mer can be tuned by varying the salinity of the aqueous solution.147 Thus, when a 
PHPA (for example) dissolved in a high-salinity brine (which causes it to shrink 
because of electrostatic shielding) is pumped into a well, it will swell when lower 
salinity formation water contacts the adsorbed polymer. It has also been claimed 
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Figure 2.7 Acrylamide/AMPS/vinyl formamide terpolymer RPMs.
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to inject two polymers sequentially and with opposite charge into sandstone for-
mations to increase polymer retention.148 Thus, the negatively charged formation is 
first contacted with an anionic polymer, then a cationic polymer. As a result of the 
contact of the polymers, coacervation (phase separation) occurs between the anionic 
and cationic polymers, which reduces the amount of the anionic polymer removed 
from the formation by fluids produced there from. Sequential injection of a cationic 
polymer, then an anionic polymer would presumably be useful in positively charged 
carbonate reservoirs.

As mentioned earlier, maximizing the volume occupied by the hydrated polymer 
is important for water control. To this effect, brush (or comb) polymers consisting of 
a polymeric backbone grafted with polyethylene oxide have been designed, which 
appear to give a greater success rate in the field. The brush side chains will col-
lapse on contact with hydrocarbons but become fully hydrated, occupying a larger 
volume, on contact with water.99,149

RPMs can be used to control water production in several different combined 
treatments such as hydraulic fracturing. The similarity between some polymeric 
scale inhibitors and polymer RPMs has not gone unnoticed. Combined RPM and 
scale inhib itor squeeze treatments have been carried out.150–151 A combined scale 
inhibitor treatment and water control treatment has been described that requires 
fewer steps than the sum of each treatment procedure practiced separately.152 RPM 
water control treatments can also be combined with sand consolidation treatments 
or acidizing treatments. For example, one sand consolidation/RPM combined treat-
ment comprises the steps of applying to a subterranean formation a preflush fluid, 
applying aqueous surfactant fluid (containing RPM), applying a low-viscosity con-
solidating fluid (containing surfactant), and applying an postflush fluid.153

2.6.2.2  hydrophobically modified synthetic Polymers as rPms
Laboratory results on sandstone cores showed that hydrophobic modification of PAM 
increases significantly mineral coverage and attenuate surface roughness thereby 
giving better RPM effect than a totally hydrophilic polymer.154 Rather than reaching 
a plateau adsorption, as is common for hydrophilic polymers, hydrophobic modifica-
tion appears to produce a continued growth in adsorption with increased polymer 
concentration. This behavior is attributed to associative adsorption of polymer chains 
on previously adsorbed layers of polymers.155 The effect is enhanced oil recovery by 
improving oil mobility and reducing water mobility. Examples of claimed hydropho-
bically modified RPMs include a polymer of DMAEMA partially quaternized with 
an alkyl halide, wherein the alkyl halide has an alkyl chain length of six to 22 car-
bons (Figure 2.8).156 Other examples are an acrylamide/octadecyldimethylammoniu-
methyl methacrylate bromide copolymer, a dimethylaminoethyl methacrylate/vinyl 
pyrrolidone/hexadecyldimethylammoniumethyl methacrylate bromide terpolymer 
and an acrylamide/2-acrylamido-2-methyl propane sulfonic acid/2-ethylhexyl meth-
acrylate terpolymer.157–158

The use of cross-linkable, hydrophobically modified water-soluble polymers with 
surfactants as RPM treatments has been claimed.100,159 The polymer can be bullheaded 
with a VES to form a physically stabilized structure in the oil- and water-producing 
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rock layers. When hydrocarbons pass over these structures, they break down, allow-
ing the flow of produced hydrocarbons. The physically stabilized structures are not 
broken down in the water-producing zones. The polymer can be formulated with a 
cross-linker, which will gel over time in the formation, forming a more permanent 
barrier to water production. An example consists of a solution of the VES N-erucyl-
N,N-bis(2-hydroxyethyl)-N-methylammonium chloride (Figure 2.9) with PAM hydro-
phobically modified with 3 mol% of the hydrophobe n-nonyl acrylate in a solution of 
0.5 M sodium chloride. The development of the viscoelasticity of the surfactant is 
delayed by the addition of urea phosphate (a hydrogen-bonding modifier) and the 
hydrophobically modified PAM is cross-linked by the addition of acetaldehyde. 
Hydrophobically modified acrylamide/acrylate copolymers could be cross-linked 
with metal ions such as Cr(III) or Zr(IV). A second example uses the VES solution 
formed by potassium oleate in a potassium chloride electrolyte solution. Coinjection 
with a vinyl polymerization initiator such as 2,2′-azo(bisamidinopropane)dihydro-
chloride forms a polymerized surfactant gel. The resulting solution of polymerized 
surfactants is slightly less viscoelastic than the original monomeric solution but the 
observed viscoelasticity is insensitive to contact with hydrocarbons. The gel formed 
by the polymerized surfactant retains its viscoelasticity after prolonged contact with 
water.
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Figure 2.8 Example of a hydrophobically modified RPM/DMAEMA copolymer par-
tially quaternized with C16H33Br, m > 10n for water solubility.
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Figure 2.9 N-erucyl-N,N-bis(2-hydroxyethyl)-N-methylammonium chloride.

© 2009 by Taylor and Francis Group, LLC

  



38 Production Chemicals for the Oil and Gas Industry

2.6.2.3  cross-linked Polymer rPms
Cross-linking hydrophilic polymers is useful not only for total water shut-off gel 
treatments as discussed earlier but also for RPM treatments in high-permeability 
formations. A high degree of cross-linking produces a total blocking gel. Partial 
cross-linking produces a three-dimensional polymer network, which bridges the 
pore spaces. This gives a stronger effect than normal RPM polymers, which only 
alter the surface properties of the formation.160

An early example that has been used in the field is a cationic PAM cross-linked with 
glyoxal.161 Polysaccharides cross-linked with aldehydes have also been claimed.162 A 
more recent system that has been developed uses a sulfonated polymer cross-linked 
with metal ions. The cross-linker is Zr(IV) ions, chelated for control purposes. 
Typical polymers are acrylamide/AMPS terpolymers with a little vinyl phosphonic 
acid monomer to increase rock adsorption (Figure 2.10).163 The polymer molecular 
weight must be not be too high (> 10,000,000 Da), or else it is difficult to handle, nor 
must the molecular weight be too low (< 300,000 Da) or a gel would form blocking 
both the water- and oil-producing layers.164 Instead, the polymer is of medium molec-
ular weight (1–3 million) and cross-links to form an open, hydrated, flexible network. 
When produced water comes into contact with the polymer network, it inflates and 
stiffens, providing resistance to water flow and greater water permeability reduction. 
If hydrocarbons pass through the polymer network, it collapses due to water dis-
placement giving minimal resistance to the flow of hydrocarbons. This system has 
been bullheaded very successfully in a high–barium sulfate–scaling field to reduce 
water production. This RPM treatment is useful for high-permeability formations 
at high temperatures. For lower permeability formations, it may not be necessary to 
cross-link the polymer into a 3D network.165 However, field trials where iron(II) ions, 
and not iron(III) ions, were present gave poor RPM effect.

Colloidal particles of acrylamide-based gels with neutral organic covalent cross-
linkers have been reported as RPMs for controlling water production.166–169 This 
technology differs from the other cross-linked RPMs in that cross-linking is done 
before the formulation is injected. The microgels can be varied in size (0.3–2.0 µm), 
consistency, and chemistry. Due to their large size, they do not easily penetrate low-
permeability thereby fulfilling one of the challenges of water shut-off technology. 
The microgels have excellent shear, thermal, and chemical stability. The first field 
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Figure 2.10 Metal ion cross-linkable polymer RPM for high permeability formations: 
acrylamide/AMPS/vinyl phosphonic acid terpolymer.
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application was on a gas storage reservoir.170 Other successful applications in the 
North Sea have been carried out.

2.7  water control using microParticles

The idea of using solid particles to shut off water production has been around a long 
time but has not been used much in the field. For example, one patent claims the use 
of solid spheres of water-insoluble polymer formed in situ from an oil-in-water emul-
sion of monomers, such as divinylbenzene and styrene, and polymerization initia-
tor.171 The plasticlike solid spheres will penetrate into the more permeable formation 
zone and stop fluid flow. The emulsion can also be utilized before commencing a 
carbon dioxide flood during profile control. A later and related patent claims that the 
emulsion should contain a nonpolymerizable liquid carrier and a minor proportion 
of polymerizable monomers such as acrylates or styrene.172 In this way, when the 
discontinuous phase of the emulsion is miscible with the ambient fluid in the matrix, 
undesirable particle formation is minimized since the emulsion droplets will become 
diluted. The particles produced by the polymerization in the discontinuous phase of 
the emulsion may also serve as reservoirs for well-treatment chemicals, for example, 
scale inhibitors.

Related to the use of RPMs and DPRs are water-swellable cross-linked polymer 
particles. For example, a dispersion of polymer particles made from vinyl amides 
(such as acrylamide or N-vinyl pyrrolidone) with cationic monomers has been 
claimed for water shut-off treatments.173 The particles are made by invert polymer 
emulsion processes, resulting in particles that are much smaller in size than that of 
the formation pores. Upon injection, the particles become trapped in the formation, 
and upon flowback of water, the particles swell and adsorb onto the formation, form-
ing a film and restricting further fluid flow.

Another patent claim relates to coated particles.174 The method comprises the steps 
of coating a particulate solid material with an organic polymer, which reacts with 
water and swells when contacted therewith. This reduces the flow of water through a 
pack of the resulting polymer-coated particulate solid. The organic polymer can be a 
copolymer of a vinyl silane such as vinyltrimethoxysilane or methacrylatetrimethoxy-
silane and one or more water-soluble organic monomers such as 2-hydroxyethyl 
acrylate, (meth)acrylamide, and N-vinylpyrrolidone (Figure 2.11). Alternatively, the 
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Figure 2.11 Example of a swelling polymer for coated particles using vinyltrimethoxy-
silane and 2-hydroxyethyl acrylate.
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organic polymer is a cationic water-soluble polymer such as polydialkyldiallyl poly-
mers or the quaternized ammonium salt of polyDMAEMA copolymers. The particle 
size could be small enough to penetrate pore throats, or it could be the size of prop-
pants and be used in fracturing operations.

Another method that could be used for water shut-off is the use of kaolinite clay 
particles.175 Testing has also been carried out to assess the potential of injecting rela-
tively high concentrations of kaolinite with a fixation agent as a water shut-off tech-
nique. The concept is based on the ability of kaolinite to cause formation damage 
coupled to the ability of the kaolinite fixation agent to maintain clay in place. So far, 
it has been demonstrated that the use of this technology can withstand a differential 
pressure of 150 bar without any impairment to sealant performance.

2.8  gas shut-oFF

Some of the techniques used to control water production can also be used to control 
gas production.5 For example, organic polymer gels have been used successfully, 
as well as inorganic gels such as sodium silicates.176–180 Foamed cement or cement 
particle gels have also been used.36,181

Another method that has been used with good success to control gas in high-
GOR oil producers is the use of foams.172–184 Field tests show that foam can be 
effective in controlling gas coning, injector-to-producer breakthrough of gas in 
high- permeability zones, and, at least in some situations, gas cusping. A foam con-
fined inside the pore network of the rock consists of thin liquid films spanning the 
pores that make the gas phase discontinuous. This drastically reduces gas mobil-
ity essentially without influencing liquid relative permeabilities. Foam is generated 
by gas (usually nitrogen) displacing a suitable surfactant foaming-agent solution. A 
foam whose purpose is to block gas from entering into a production well should 
ideally be formed in situ wherever gas breakthrough may occur and then remain 
stagnant, maintaining the strongest possible reduction of gas mobility for the longest 
period. After one series of field applications, it was concluded that high permeability 
reservoirs require gas/foamer coinjection to improve placement of a foam block in 
the reservoir. In less permeable reservoirs, in situ foam generation/placement by the 
surfactant alternating gas technique (SAG) is sufficient to achieve a good result.185

One essential property of the foam is that it is stable in the presence of crude oil. 
In one field application, foams generated in nonaqueous solutions (such as kerosene) 
were washed out by crude oil flowing beneath the foam barrier.186 Aqueous foams 
based on α-olefin sulfonate (AOS) surfactants were shown to be poor foam blockers 
in the presence of crude oil.187 Better foam stability was obtained with AOS combined 
with fluorosurfactants or AOS with polymers such as PAM. Gas shut-off treatments 
with these mixed foaming agents have met with good success.188–189 Gelling or cross-
linking the foam has also been claimed to create a more rigid foam.190 However, 
one laboratory study indicated that addition of polymer did not give any benefit over 
the use of AOS surfactant alone and could be detrimental if used in too high a con-
centration.191 A surfactant system with a source of calcium has been evaluated for gas 
shut-off purposes in oil carbonate reservoirs.192
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2.8.1  gAS wEll fOAmERS fOR liquid unlOAding

Liquid buildup in gas wells causes an additional back-pressure that can reduce gas 
productivity and, in worse cases, stop production completely. Besides mechanical 
techniques, a well-known chemical method to remove the liquid (usually water) is to 
inject a foaming surfactant.193–195 The surfactant is injected at the bottom of the well, 
where it mixes with the liquid and gas, lowering the surface tension and forming a 
foam of lower density than the bulk liquid, which can then be produced from the 
well.196 The surfactant can be applied as a liquid concentrate, either continuously or 
batchwise or it may be applied as “foam sticks.” The latter is more common for low-
volume gas-producing wells: the surfactant is compounded within a wax “candle,” 
which is simply lowered down the well.

A variety of surfactants, anionic, cationic, zwitterionic, and nonionic, can be used 
but they should not damage the reservoir or cause emulsion problems if there are 
liquid hydrocarbons present.197 Some surfactants also have the benefit of corrosion 
inhibition properties.198 Typical surfactants are AOSs, alcohol ether sulfates, and 
betaines, the latter two categories being more biodegradable.199 Traditional foam-
ing surfactants tend to be ineffective as the condensate-to-water ratio increases.200 
A novel foamer specifically designed to unload condensate from wells has been 
reported.201 The use of foaming surfactants to unload liquid in gas wells is very com-
mon. About 40% of gas wells worldwide suffer from this problem and are therefore 
producing at below optimum rate.
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3 Scale Control

3.1  introduction

Scale formation is the deposition of sparingly soluble inorganic salts from aqueous 
solutions.1 There is another type of scale containing metal ions in which the anions 
are organic carboxylates or naphthenates. This is discussed in Chapter 7. Scale can 
deposit on almost any surface so that once a scale layer is first formed it will con-
tinue to get thicker unless treated (Figure 3.1).2 Scales can block pore throats in the 
near–well bore region or in the well itself causing formation damage and loss of well 
productivity. They can deposit on equipment in the well, such as electric submersible 
pumps or sliding sleeves, causing them to malfunction. Scale can occur anywhere 
along the production conduit narrowing the internal diameter and blocking flow 
and, finally, scale can form in the processing facilities. Next to corrosion and gas 
hydrates, scale is probably one of the three biggest water-related production prob-
lems and needs to be anticipated in advance to determine the best treatment strategy. 
For some fields, scale control can be the single biggest operational cost.3

3.2  tyPes oF scale

The most common scales encountered in the oil industry in order of prevalence are:

calcium carbonate (calcite and aragonite)•	
sulfate salts of calcium (gypsum), strontium (celestite), and barium (barite)—•	
radium may also be found in the lattice, especially that of barium sulfate
sulfide scales—iron (II), zinc and lead (II) salts are the most common•	
sodium chloride (halite)•	

Most minerals are less soluble as the temperature decreases (although calcium carbon-
ate is an exception as discussed later). Thus, long-distance, cold water tie-backs can 
give enhanced pipeline scale problems as the produced fluids cool to seabed tempera-
tures. Further, the deposition of all these inorganic scales is exacerbated by the pres-
ence of organic thermodynamic hydrate inhibitors (THIs) such as methanol or small 
ethylene glycols, methanol being worst.4 As more and more fields are being developed 
in deeper and/or colder water, the use of THIs will increase to combat hydrate forma-
tion, and with this, the number and severity of the scale problems will also increase. 
The challenges facing scale control in deep water fields has been reviewed.5

Other more exotic scales are sometimes encountered in the oilfield. They include 
iron carbonate (siderite, mainly from corrosion), calcium fluoride (fluorspar, as 
a by-product of HF acidizing), silicate salts1,6 and trona (Na3H(CO3)2 × 2H2O).7 
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Silica/silicate scaling is sometimes encountered in steam flood operations.8 Methods 
that may be used to control silica/silicate scaling in steam flood operations include 
dilution with fresh water, reducing the pH of the water, treating the water with 
reducing, complexing, and sequestering agents, removing silica from water by 
lime softening, precipitation of silica in water with metals or cationic surfactants, 
and, lastly, treating the water with geothermal silica scale inhibitors/dispersants.1 
Radioactive lead and polonium metals and salt scales have been known to form in 
some instances, mostly in gas wells.

3.2.1  CAlCium CARBOnAtE SCAlE

Calcium bicarbonate (CaHCO3) is very water-soluble, but calcium carbonate (CaCO3) is 
not. Formation water usually contains bicarbonate ions as well as calcium ions. Calcium 
carbonate can deposit as a consequence the following equilibrium moving to the right:

 2HCO3
− ↔ CO3

2− + H2O + CO2 (g)

Thus, if the pressure drops, by Le Chatelier’s Principle, the above equilibrium will 
move to the right to try to increase the pressure by forming more CO2 gas. As a 
result, more carbonate ions are formed and the pH rises.9 At some point, the concen-
tration of carbonate ions may be high enough that calcium carbonate precipitates:

 Ca2+ + CO3
2− → CaCO3 (s)

The critical drop in pressure may occur anywhere in the production system, for 
example, across the perforations, at a choke or anywhere in the production tubing, 
downhole, or topside. Often, the CO2 content of the aqueous fluids in the well is 
high enough and, thus, the pH low enough, that calcium carbonate will not deposit 
in the well but rather further downstream, beyond the choke at the wellhead, where 
the pressure has dropped sufficiently. Further, calcium carbonate scaling may occur 

Figure 3.1 Scale deposits in a conduit.
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only after several years in the life of a field, as it is only then that the pressure drops 
in the production line to a level where carbonate scales will form. As the pressure 
drops further scale formation will move further upstream (i.e., further into the pro-
ducing well). The thermodynamics of calcium carbonate scaling can be predicted 
through various commercial computer programs. Kinetic models have also been 
developed to predict where and when calcium carbonate scaling occurs.10

Formation damage due to the reprecipitation of carbonate scales has been known 
to occur from spent acid solutions after matrix stimulation treatments. Chemicals 
that dissolve and chelate calcium carbonate can break this reprecipitation cycle.11

In brines with high iron(II) ions, it is possible to obtain iron carbonate deposition 
in addition to calcium carbonate scale.12 A laboratory study showed that common 
calcium carbonate scale inhibitors, such as phosphinopolycarboxylic acid (PPCA) 
and bis-hexamethylene triamine-penta(methylene phosphonic) acid, were not effec-
tive at preventing ferrous carbonate precipitation, but citrate ions did perform well.12 
However, other calcium carbonate scale inhibitors are effective on iron(II) carbon-
ate.12 Corrosion inhibition will also help reduce iron(II) carbonate scaling.

3.2.2  SulfAtE SCAlES

Group II metal ions, except magnesium, can all form sparingly soluble sulfate scales 
by mixing of sulfate ions and metal ions as given below:

 M2+ + SO4
2− → MSO4 (s)

The solubility of the sulfates decreases as you go down the group such that barium 
sulfate is most insoluble and the hardest to control. Sulfate scales are usually formed 
when formation water and injected seawater mix. When this occurs in the near–well 
bore region of the producing wells, it causes precipitation of sulfate scales as forma-
tion damage. Also, two different non-scaling well fluids may mix in topside flowlines 
and cause a topside sulfate scale problem. It is the high concentration of sulfate ions in 
seawater (roughly 2,800 ppm) mixing with group II metal ions in the formation water, 
which causes sulfate scale to form. Sulfate scaling is usually a problem in seawater-
flooded reservoirs, but it has also been known to occur due to use of seawater in 
workovers of production wells. Freshwater workovers can be used to counteract this 
problem. There is increasing evidence that, as a result of a waterflood, reactions in the 
reservoir modify produced water compositions so that they differ from those expected 
for simple mixtures of injection and formation water. These reactions affect both the 
injection water and the mixtures of injection water and formation water, and include 
dissolution and precipitation of sulfates and carbonates, and ion exchange. Scale man-
agement plans and decisions are often based on the assumption that produced water 
will have the composition of simple mixtures of injection and formation water. Where 
reactions occur, this assumption will be incorrect, so that scale predictions, inhibitor 
testing, and assessment of squeeze-treatment performance (discussed later) can be 
compromised.

Calcium sulfate (anhydrite or gypsum) is the easiest sulfate scale to deal with 
being slightly soluble in water and soluble in many chelate dissolvers, while barium 

© 2009 by Taylor and Francis Group, LLC

  



56 Production Chemicals for the Oil and Gas Industry

sulfate is the worst to deal with, being very hard and dissolved at a reasonable rate in 
only the very best dissolvers. Due to its high insolubility (very low solubility product), 
it does not take a very high concentration of barium ions in the formation water for 
barium sulfate scale (barite) to deposit. Produced water can also be saturated in bar-
ium sulfate and if the temperature drops during production, even more barium sulfate 
scale can precipitate out.13 Strontium and barium ions can coprecipitate in the pres-
ence of sulfate ions to form a mixed sulfate scale. Formation water also contains low 
concentrations of radioactive radium, which coprecipitate in the lattice of barium and 
strontium sulfate scales. Hence, removal of naturally occurring radioactive material 
(NORM scale) is an environmental problem that must be dealt with. As with carbon-
ate scales, computer programs are available to determine the sulfate scale potential. 
In addition, prediction and monitoring of seawater breakthrough from seawater injec-
tion wells is very important so as to know when to treat a production well for sulfate 
scaling. Understanding the geochemistry in the reservoir has been shown to be help-
ful in determining the scale control strategy.14 A process for enhanced hydrocar-
bon recovery from a reservoir by actively forming scale (mostly easily sulfate scale) 
within the reservoir has been claimed.14 The severity of sulfate scale depends on the 
ratio of formation water to seawater breakthrough and upon the degree of supersatu-
ration. Thus, late in a field life there may be little or no sulfate scaling as the produced 
water is predominantly seawater. But when seawater first breaks through the rate, 
the severity of sulfate scaling can be dramatic. In one well in a UK North Sea field, 
production dropped from 30,000 bpd to zero in a period of 24 h.15

3.2.3  SulfidE SCAlES

Sulfide scales are less common than carbonate and sulfate scales but can still cause 
serious problems if not controlled. Some hydrogen sulfide is naturally present in 
many formation waters, but for oil wells, the bulk of this comes from the activity of 
sulfate-reducing bacteria (SRBs) on the sulfate ions in injected seawater. The SRB 
reduce sulfate ions to hydrogen sulfide (H2S) which is in equilibrium with hydrosul-
fide and sulfide ions:

 H2S + H2O ↔ H3O+ + HS−

 HS−+ H2O ↔ H3O+ + S2−

Iron(II) ions, formed mainly by corrosion of steel either in the injector or producing 
wells, can react with the sulfide ions, forming iron sulfide scale.

 Fe2+ + S2− → FeS (s)

Similarly, other even more sparingly soluble sulfide scales, such as zinc sulfide 
(ZnS, zinc blend) and lead sulfide (PbS, galena), can be formed if the formation 
water contains these metals ions and mixes with sulfide ions.16 Mixed zinc/lead 
sulfide scale appears to be quite common in high-pressure, high-temperature 
(HPHT) wells in the North Sea.17 Zinc sulfide scale can also be formed as an effect 
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of using zinc-based completion brines. In sour gas wells, the deposition of galena 
can be explained by local supersaturation (caused by a sudden temperature or 
pressure drop) where sulfide anions react with lead cations in the produced water. 
Concentrations of up to 150 mg lead cations per liter brine have been detected in 
some formation waters.18

3.2.4  SOdium ChlORidE (hAlitE) SCAlE

Sodium chloride is much more soluble than the scales described above and increases 
somewhat in solubility with increasing temperature.19–20 Some formation waters con-
tain very high concentrations of this salt, particularly in HPHT reservoirs. Thus, 
the formation water may sometimes be saturated in sodium chloride. As the tem-
perature of the produced water decreases, sodium chloride may precipitate out. The 
kinetics of this process is very fast such that a conduit can block very quickly if 
not treated. Even wells with very low water-cut (< 0.5%) may rapidly salt-up over-
night. Water flash-off into the gas phase as pressure decreases during production will 
concentrate solutions of sodium chloride, which may eventually also lead to halite 
precipitation.

3.2.5  mixEd SCAlES

Scales can often be layered and of mixed composition, for example, containing both 
carbonate and sulfate scales, at the appropriate field conditions. They can be oily 
and may even contain other deposits such as asphaltenes making remedial chemical 
treatment more complicated. If the asphaltenes contain overly inorganic scale depos-
its, they can render aqueous scale dissolvers ineffective.1

3.3  nonchemical scale control

It has been recognized that effective scale management means making decisions 
early in the field development phase and continuously reviewing these throughout 
the field lifetime. Scale control is needed primarily in the production facilities, but 
seawater injection and produced water reinjection may also need scale control. Iron 
ions are sometimes removed before water injection.

There are three basic approaches to mitigating scale formation:

 1. desulfation of injected seawater
 2. scale control/inhibition
 3. let scale form and remove the scale physically or chemically

Method 1 will only prevent sulfate and sulfide scales, although hydrogen sulfide may 
be naturally present in the formation water and cause some sulfide scale (softening 
of injected water, by removing calcium ions to avoid calcium carbonate scale, is not 
practiced in the oil production industry). Desulfating the injected seawater is done 
using membrane nanofiltration. Alternately, aquifer water, if available and low in 
sulfate ions, can be injected. The use of desulfation facilities requires considerable 
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capital investment but can be the best option for large fields with severe predicted 
sulfate scale formation.21 Not all the sulfate ions can be removed by desulfation 
(ca. 2,700 ppm in seawater is reduced to 40–100 ppm) but enough that sulfate and 
sulfide (from SRB activity) scale problems are considerably reduced. In addition, 
desulfation drastically reduces reservoir souring (H2S production) and will probably 
affect the degree of microbial corrosion. It should also be mentioned that sulfate 
stripping occurs naturally in calcium carbonate reservoirs due to deposition of cal-
cium sulfate in the reservoir. Up to 95% sulfate has been removed this way leading 
to almost no barium sulfate scaling in the producing wells.22–23 A novel method has 
been claimed whereby scale particles are injected into the injector wells. These act 
as seeding/nucleation sites for scale formation before the scaling ions reach the pro-
duction wells, thus, avoiding scale deposits in these wells.24 Scale control is particu-
larly effective when the mean particle size of the seed crystals is less than 2.5 µm.25 
Another method that has been laboratory and successfully field-tested is to induce 
a randomly pulsed high-frequency electrical signal into the piping system, which 
causes the scale crystals to form in the produced fluid rather than on the walls or 
surfaces of downhole and topside equipment.26 The electrical field does not prevent 
precipitation, it only changes the physical location where precipitation occurs. By 
inducing an electric field across the pipe diameter, ions are drawn together in clusters 
in solution.

Lowering the ion solubility below that of saturation also causes existing scale 
deposits to redissolve, cleaning pipelines from scale, particularly calcium carbonate. 
Hard scale may be slow to breakdown where there is low water volume and little 
variation of temperature, flow, hardness, and pressure. In such cases, the equipment 
is best fitted from new or after chemical cleaning.

The use of acoustic waves has also been proposed as a method of scale con-
trol.27 One method comprises arranging a liquid whistle for producing acoustic 
waves in the fluid in the tubular, and allowing at least part of the fluid that flows 
through the tubular to pass through the liquid whistle to generate acoustic waves. 
Because the fluid flowing through the conduit drives the acoustic whistle, no external 
power source is needed. Various coatings, that prevent or delay scale deposition, and 
sometimes also inhibit corrosion, have been investigated.28–29 Examples are epoxy 
resins, fluoropolymers, silicones, and polysilazanes. These may be useful to protect 
key components in the production system (such as downhole safety valves and key 
parts of intelligent well systems).

However, if scale begins to form on the coated surface, the surface will be altered 
and more scale can more easily deposit. The smooth, coated surface will also be 
eroded during turbulent fluid flow carrying sand and other particles, which will 
probably make scale deposition more likely.

Scale control using magnetic fields has had some success, particularly outside 
the oil industry such as in heat exchangers.30–36 However, there are many reports 
of failure also. Permanent magnets or electronically generated magnetic fields can 
be used. Such equipment has been used in the oil industry particularly for calcium 
carbonate scale control, for example, offshore in the Netherlands, but is generally 
looked upon with skepticism due to the lack of a robust mechanism for its effect. The 
results obtained from research to date suggest that there are at least three possible 
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magnetic treatment mechanisms. The first is magnetohydrodynamic effects and the 
second, agglomeration of ferromagnetic and super paramagnetic microparticles. The 
occurrence of small pH changes at the wall of a pipe has also been claimed as a pos-
sible third mechanism as well as changes in crystal morphology. Magnetic scale 
prevention may involve a combination of these mechanisms, and probably additional 
phenomena. Thus, magnets or electronic devices can be effective on calcium carbon-
ate scale at low supersaturation values.

In this chapter, chemical scale inhibition and chemical scale removal will be 
discussed. The sections on stimulation with acids in Chapter 5 on acid stimulation 
should also be read alongside chemical scale removal. Controlling the volume of 
produced water can also alleviate the severity of scaling (see Chapter 2 on water and 
gas control).

3.4  scale inhiBition oF grouP ii carBonates  
and sulFates

Scale inhibitors are water-soluble chemicals that prevent or retard the nucleation 
and/or crystal growth of inorganic scales. A brief review of the early years of chemi-
cal scale inhibition has been published.37 As a broad generalization, polymers are 
good nucleation inhibitors and dispersants. When scale crystallization occurs, they 
adsorb onto the crystal surfaces and are consumed in the lattice, thereby slowing 
growth when tested below their threshold levels.38–39 Small, nonpolymeric inhibitors, 
such as the well-known aminophosphonates, tend to be good at preventing crystal 
growth, by blocking active growth sites, but if tested below their threshold levels, are 
less likely to prevent nucleation. Thus, increasing the test dose rate of a polymer will 
make sure it stops growth and similarly increasing the concentration of an amino-
phosphonate will make sure it stops nucleation. Actually, the key function of a scale 
inhibitor is to prevent deposition of scales and for this nucleation inhibition, crystal 
growth inhibition and even scale dispersion can be the functioning mechanism.40 
Studies have shown that only 3–5% of the surface of a carbonate or sulfate scale 
crystal needs to be covered by some polymeric inhibitors for complete inhibition.41 
For small aminophosphonate inhibitors on barite scale, the necessary coverage for 
nucleation inhibition was shown to be 16%.42 Models and mechanisms for determin-
ing scale inhibitor inhibition efficiency, for example, on barium sulfate scale, have 
been developed.43 For some sulfate scale inhibitors, such as the small aminophos-
phonates, the inhibition mechanism is more complicated, whereby a calcium-scale 
inhibitor complex leads first to calcium inclusion in the lattice, which distorts the 
lattice and inhibits further growth.44 Thus, aminophosphonates have been shown to 
be poor sulfate scale inhibitors at very low [Ca2+].39 On the other hand, polymeric 
polycarboxylate inhibitors are shown to be effective even at very low [Ca2+], indicat-
ing that the formation of multiple bonds between the polymer and the crystal surface 
allows for stronger adsorption and, thereby, inhibition.

There are many ways to deploy scale inhibitors in the field and these will be 
discussed later. First, we will look at the various classes of scale inhibitors that have 
been used as they apply to the various types of scale. The first thing to note is that 
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most oilfield scales such as carbonates and sulfates consist of divalent anions, that is, 
CO3

2− and SO4
2−, together with divalent metal cations. Regarding either subcritical 

nuclei inhibition or crystal growth inhibition, to bind to a scale particle, the scale 
inhibitor must interact either with the produced water anions or cations. Usually sev-
eral of these interactions are necessary to hold the inhibitor tightly on the surface so 
molecules with several similar functional groups and proper spacing of these groups 
are needed so they interact with the lattice ions on the crystal surface.

To bind well to anions, oppositely charged cations are needed. The only easy way 
to put several cations in a molecule is through quaternary ammonium, phosphonium, 
or sulfonium groups. However, polyquaternary ammonium salts, such as polydiallyl-
dimethylammonium chloride and polyacrylamidopropyltrimethylammonium chlo-
ride, are poor scale inhibitors, probably due to the mismatch of size between the 
quaternary groups and the cations, such as calcium, in the scale lattice. However, 
incorporating quaternary groups into anionic scale inhibitor polymers can be benefi-
cial for adsorption onto formation rock in squeeze treatments. This is discussed later 
in this chapter on scale inhibitor deployment techniques.

There are several anionic groups attached to an organic molecule that can interact 
well with group II cations on the scale crystal surface. The most important of these are:

phosphate ions (–OPO•	 3H−)
phosphonate ions (–PO•	 3H−)
phosphinate ions (–PO•	 2H−)
carboxylate ions (–COO•	 −)
sulfonate ions (–SO•	 3

−)

Thus, molecules preferably with two or more of these ions, or mixtures of these ions, 
built into the structure can be good inhibitors for many oilfield scales. The molecules 
can be prepared in the acid form (e.g., carboxylic acid, phosphonic acid), but it is 
in the anionic dissociated form, usually as sodium salts, that they are most active 
as scale inhibitors. The anionic groups are all bound via carbon atoms to the main 
backbone of the molecule except in polyphosphates.

Below is a list of the most common classes of scale inhibitors containing these 
ions or acids:

polyphosphates•	
phosphate esters•	
small, nonpolymeric phosphonates and aminophosphonates•	
polyphosphonates•	
polycarboxylates•	
phosphino polymers and polyphosphinates•	
polysulfonates•	

Various copolymers and terpolymers with carboxylic, phosphonic acid, and/or sulfo-
nic acid groups are also good scale inhibitors and will be discussed also. Because of 
the similarities between the functional groups, many scale inhibitors are capable of 
inhibiting several types of scale.
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Many classes of traditional scale inhibitors, such as acrylate-based polymers or 
aminophosphonates, have poor biodegradability. In addition, produced water dis-
charges containing N- or P-containing inhibitors can enrich the environment in nutri-
ents, which causes an environmental disequilibrium (i.e., eutrophication). Since the 
early nineties, there has been an increased drive to find more environment-friendly 
inhibitors. Several of these are now commercially available and are discussed below 
where appropriate.

There is some overlap between the classes as described, for example, polymers 
containing both carboxylic and phosphonic or sulfonic acid groups could come 
under two headings. In such cases, priority has been given to phosphonic acid groups 
over sulfonic acid groups over carboxylic acid groups. In addition, there are numer-
ous patents detailing synergy between two classes of inhibitors, for example, small 
aminophosphonates and polycarboxylic acids. An overview of the various detection 
methods for scale inhibitor concentrations has been published.45

3.4.1  POlyPhOSPhAtES

Polyphosphate anions, such as found in sodium tripolyphosphate or sodium hexa-
metaphosphate, have long been known to be calcium carbonate scale inhibitors 
(Figure 3.2; hexametaphosphate is also a very good inhibitor of BaSO4 scale). 
However, they are mainly used in boiler water treatment at low calcium concentra-
tions as there are more thermally stable and more compatible products for oilfield 
scale inhibition. Polyphosphates also show some activity as corrosion inhibitors. 
Although it is not commercial, citric acid phosphate is a natural crystal growth 
inhibitor in mammalian soft tissue with low toxicity. It is a combination of the phos-
phate and carboxylate groups, which make it a good inhibitor.46

3.4.2  PhOSPhAtE EStERS

Phosphate esters (ROPO3H2) are well known as environment-friendly scale inhibi-
tors, particularly for calcium carbonate and calcium sulfate scales but also for barium 
sulfate if the conditions are not very acidic. They are generally not the most powerful 
class of scale inhibitors.47 They are made by reacting phosphoric acid with alcohols. 
By varying the length of the alkyl tail in the alcohol, phosphate esters can be made 
that are either water- or oil-soluble. Phosphate esters are more tolerant of acid condi-
tions than polyphosphates and are generally compatible with high-calcium brines. 
Phosphate esters have limited thermal stability. Thermal stability up to 95°C (203°F) 
for topside application for sulfate scale and temperatures of up to 110°C (230°F) for 
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Figure 3.2 Polyphosphate anion (left) and citric acid phosphate (right).
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carbonate scale control have been claimed.48 Phosphate esters can also be used as 
a squeeze chemical at temperatures up to about 100°C (212°F). Triethanolamine 
phosphate monoester, used at least as far back as the eighties, has good biodegrad-
ability but is only useful up to temperatures of about 80°C (176°F) due to hydrolysis 
instability (Figure 3.3). Phosphate esters also show corrosion inhibition activity.49

A method of introducing phosphate groups into scale inhibitor polymer is to 
use the monomer ethylene glycol methacrylate phosphate.50 This monomer can, 
for example, be copolymerized with vinyl carboxylic or vinyl sulfonic monomers. 
The phosphate functionality provides the polymeric inhibitor with good adsorption/ 
desorption characteristics in squeeze treatments, allowing the polymer to be retained 
in the reservoir and providing extended treatment lifetimes.

3.4.3  nOnPOlymERiC PhOSPhOnAtES And AminOPhOSPhOnAtES

Nonpolymeric molecules with only carboxylate and/or sulfonate groups are poor 
scale inhibitors, but this is not the case with molecules containing phosphonate 
groups. However, it is known that phosphonates tend to have a lower “cutoff” tem-
perature than many polymeric scale inhibitors, below which they are much less 
effective. There are a number of scale inhibitors with one phosphonic acid group 
and several carboxylic acid groups. The most common example is 2-phosphonobu-
tane-1,2,4-tricarboxylic acid (PBTCA), although variations such as phosphonosuc-
cinic acid and 1-phosphonopropane-2,3-dicarboxylic acid are also useful inhibitors 
(Figure 3.4).51 PBTCA is mostly used as a calcium carbonate scale inhibitor. Salts of 
PBTCA have also been proposed as sulfate scale dissolvers, although there are better 
products available (see section on chemical scale removal).52

Improved routes to PBTCA and related molecules such as phosphonosuccinic acid 
have led to the synthesis of other phosphonate scale inhibitors. Phosphonosuccinic 
acid is a poor scale inhibitor, but mixtures with oligomers of this molecule show 
good scale inhibitor performance on carbonate and sulfate scales (Figure 3.5). These 
molecules can be transformed into phosphonocarboxylic acid esters, which are oil-
soluble scale inhibitors, which can also function as asphaltene dispersants.53

N
OHO

HO

PO3H2

Figure 3.3 Triethanolamine phosphate ester.

COOH

PO3H2

HOOC
COOH

Figure 3.4 2-Phosphonobutane-1,2,4-tricarboxylic acid.
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Another common phosphonate scale inhibitor is 1-hydroxyethane-1,1-diphospho-
nic acid (HEDP) also known as etidronic acid (Figure 3.6).

However, the introduction of an amine group into a phosphonate molecule to 
obtain a –NH2-C-PO(OH)2 group increases the metal binding abilities of the mole-
cule by amine and phosphonate interactions. There are a range of commercial amin-
ophosphonate scale inhibitors used mainly for carbonate and sulfate scale inhibition. 
The most important molecules are shown in Figure 3.7.

One of the smallest aminophosphonate scale inhibitors is ethanolamine-N,N-bis 
(methylene phosphonates) (EBMP) formed by the reaction of ethanolamine, formal-
dehyde, and phosphorous acid. Actually the reaction produces a mixture comprising 
approximately 50% of EBMP and 50% of a cyclic ester of EBMP. The ester does not 
contribute to the scale inhibition so it can be hydrolyzed in base to EBMP to effec-
tively double the scale inhibition properties of the original mixture.54 Both EMBP 
and its amine oxide are good oilfield scale inhibitors, even for silica scale.55

A simple and cheap, but not the most effective inhibitor, is aminotris(methyl-
enephosphonic acid) (ATMP). This can bind to metal ions via all three phosphonic 
acid groups and the lone pair on the tertiary nitrogen atom. Moving up in molecular 
weight, we have 1,2-diaminoethanetetrakis(methylenephosphonic acid) (EDTMP) a 
good all-round phosphonate scale inhibitor. The next molecule up in size is diethyl-
ene triaminepentakis(methylenephosphonic acid) (DTPMP). DTPMP is an excellent 
carbonate and sulfate scale inhibitor and probably the most used phosphonate scale 
inhibitor in the oil industry. Another aminophosphonate is dihexamethylenetri-
amine pentakis(methylenephosphonic acid). This has improved calcium tolerance 
(i.e., it does not precipitate in the presence of high calcium concentrations) and is 
useful for high-temperature applications of 120 to > 140°C (248 to > 284°F). Yet 
another phosphonate inhibitor is hexamethylenediaminetetrakis(methylenephos-
phonic acid), which has a different distance between the phosphonic acid groups 

O

OH

O

O

PO3H2H

R

n

Figure 3.5 Phosphonosuccinic acid oligomers (R = H) and esters (R = alkyl, alkylaryl, 
or alkenyl): n = 2–10.
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Figure 3.6 1-Hydroxyethane-1,1-diphosphonic acid.
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than DTPMP. Phosphonate derivatives of N,N′-bis(3-aminopropyl)ethylene diamine 
or 1,7-bis(3-aminopropyl)ethylene diamine have been claimed as superior scale 
inhibitors for high barium brines.56

Most aminophosphonates have low biodegradability but are low in toxicity and 
bioaccumulation. In areas with strict environmental regulations, there has been a 
move to replace the aminophosphonates with greener alternatives. However, a low 
molecular weight phosphonate has been found to be environmentally acceptable for 
North Sea applications.48 Other biodegradable phosphonate scale inhibitors have 
been reported.48b Discharge of phosphonates into the environment can however lead 
to unwanted eutrophication in lakes and coastal areas.

Aminomethylenephosphonates derived from small polyglycol diamines such as 
triethyleneglycol diamine have also been claimed as good carbonate and sulfate scale 
inhibitors with improved compatibility.57 In the presence of iron(II) ions, amino-
phosphonates with hydroxyl or carboxylic acids groups performed significantly bet-
ter than the traditional aminophosphonates (such as shown in Figure 3.7) used alone 
or in blends with polycarboxylate scale inhibitors.58

Aminoacid alkylphosphonic acids have been claimed as carbonate and sulfate 
scale inhibitors.59–60 They are made by reacting aminoacids with formaldehyde and 
phosphorous acid. Examples are d,l-leucine bis (methylene phosphonic acid) and 
l-phenyl alanine bis (methylene phosphonic acid).

N
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H2O3P
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H2O3P N
N

H2O3P

H2O3P

PO3H2
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H2O3P
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Figure 3.7 Aminotris(methylenephosphonic acid), diethylenetriaminepentakis(methyl  ene-
phos phonic acid), 1,2-diaminoethanetetrakis(methylenephosphonic acid), and dihexa methyl -
ene triaminepentakis(methylenephosphonic acid).
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Another class of phosphonate scale inhibitors is based on the reaction of vinyl 
phosphonic acid (VPA) or vinylidene-1,1-diphosphonic acid (VDPA) with a small 
polyglycol. The preferred proposed structures are shown in Figure 3.8. An example 
is the reaction product of a 1:1 mix of triethylene glycol and VDPA. Alternatively, 
inhibitors in this class can be made by reacting an alkylene oxide (e.g., ethylene 
oxide or propylene oxide) with a hydroxyphosphonate (or its salt or ester) derived 
from VPA or VDPA. These inhibitors are further claimed to be partially biodegrad-
able and have corrosion inhibition properties.61

3.4.4  POlyPhOSPhOnAtES

There are two main classes of polyphosphonates, those with a polyamine backbone 
and those with a polyvinyl backbone. The scale inhibitors with a polyamine back-
bone are made by reacting a small polyalkyleneamine such as triethylenetetramine 
with epichlorohydrin and then reacting the amine groups with formaldehyde and 
phosphorous acid to give the final product, a N-phosphonomethylated amino-2-hy-
droxypropylene polymer having a molecular weight of between about 300 and 5,000 
(Figure 3.9).62 They are particularly useful for barite scale inhibition and for squeeze 
applications.63–64

Z1 CHO
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CH2 O Z2

CH2 CH

PO3H2

PO3H2 CH

PO3H2
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n

Figure 3.8 Preferred polyglycol phosphonates (R = H or CH3 or a mix of these).

N
R R R

PO3H2NNNNN

PO3H2H2O3PPO3H2H2O3PPO3H2

H2O3P

H2O3P
OHOH

H2C
H2C

H2C
N

PO3H2

n

R = m
or p q

Figure 3.9 N-phosphonomethylated amino-2-hydroxypropylene polymers.
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Polyphosphonates with polyvinyl backbones can be prepared using vinyl phos-
phonic acid (VPA) or vinyl diphosphonic acid (VDPA) monomers together with any 
number of other monomers such as acrylic acid, maleic acid, vinyl sulfonic acid, and 
so forth (Figure 3.10). Copolymers of VPA with unsaturated dicarboxylic anhydrides 
(ring-opened in water to carboxylic acids) have been claimed as Ba/Sr scale inhibi-
tors. Examples are VPA/isobutylene/maleic anhydride copolymers hydrolyzed to 
give carboxylic acid groups.65 VPA and VDPA are fairly expensive so they are mostly 
used to make phosphonate end-capped phosphino polymers (see Section 3.4.5).

Other phosphonate polymers include the reaction product of a carbonyl com-
pound or imine and hypophosphorus acid, reacted further with vinyl monomers 
such as acrylic acid to produce polymers. Oxidation gives phosphonate polymers.66 
Polyacrylates with phosphonate end-groups and amidophosphonates have also been 
claimed as scale inhibitors.67

3.4.5  PhOSPhinO POlymERS And POlyPhOSPhinAtES

The most common phosphino polymer used in the oil industry is PPCA, which con-
tains a single phosphino group attached to two polyacrylic or polymaleic chains 
(Figure 3.11). For example, the reaction of hypophosphite ions with maleic acid pro-
duces phosphinicosuccinic acid oligomers together with various smaller molecules. 
The molar ratio of the products can be varied. These mixtures, and especially the 
phosphinicosuccinic acid oligomers, are useful carbonate scale squeeze inhibitors.68 
The presence of the phosphorus atom makes PPCA polymers easier to analyze than 
polycarboxylic acids and gives them better performance (especially for barium sul-
fate), calcium compatibility and rock adsorption (squeeze lifetime).69 However, phos-
phinate groups do not bind as well to rock as phosphonate acid groups.

It is possible to introduce several phosphinate groups into an oligomer using 
hypophosphorous acid and alkyne chemistry. Using acetylene, one obtains a mixture 
of ethane-1,2-bisphosphinic acid and diethylenetriphosphinic acid, which is a useful 
scale inhibitor (Figure 3.12).70
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Figure 3.10 Vinyl phosphonic acid and vinyl diphosphonic acid monomers.

CH CH2

COOH

P

O

OH

CH2 CH

COOH
n m

Figure 3.11 Polyphosphinocarboxylic acid.
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These oligomers (or telomers) can be reacted with vinyl monomers to form poly-
phosphino polymers with improved performance (Figure 3.13).71

Aminophosphinate polymers can also be made using the phosphino telomers 
(Figure 3.14).72–73

Phosphonate-end–capped phosphino polymers are particularly useful for barite 
scale (Figure 3.15). The polymers show good absorption to rock and better thermal 
stability than random copolymers containing equivalent phosphorus. These end-
capped polymers have over 20% biodegradability in the OECD 306 28-day biodegra-
dation test. End-capped VDPA polymers are commercially available.74–75

3.4.6  POlyCARBOxylAtES

Salts of polycarboxylic acids have been used as scale inhibitors almost as long 
as polyphosphates. The most common classes of polycarboxylic acids are based 
on polyacrylic acid, polymethacrylic acid, and polymaleic acid (Figure 3.16). All 
these linear polymers have a carbon backbone. Polyacrylates are generally poorly 
biodegradable, but some polymaleates can be fairly biodegradable. In fact, a poly-
carboxylic acid scale inhibitor with > 60% biodegradation by OECD306 has recently 
been approved for use in the North Sea.76 As with most polymeric scale inhibitors, 
the number of active repeating units in the polymer needs to be at least 15–20 for 
optimum scale inhibition, otherwise, not enough active groups will bind to the scale 
crystal surface to hold it in place. For polyacrylates, this means a molecular weight 
of at least 1,000–1,500. Most polymeric scale inhibitors have molecular weights in 
the range 1,000–30,000 as the performance drops off at high molecular weight. It 
is known that the biodegradability of acrylic acid–containing polymers, which are 
generally poorly biodegraded, is greatly improved by reducing the weight average 
molecular weight (Mw) below 700 Da; however, this is usually at the expense of 
the performance. Branched or partially cross-linked polymers are claimed to have 
improved performance over linear polymers, both for carboxylated and sulfonated 
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Figure 3.12 Phosphino telomers. (b = 1–2).
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Figure 3.13 Polyphosphinates: in most preferred examples, one of R1 and R2 are a car-
boxylic, sulfonic or phosphonic acid group, or R1 and R2 can both be carboxylic acid groups.
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polymers.77 Interestingly, acrylic acid/isoprene and related copolymers are claimed 
to have better biodegradability than polyacrylic acids, although addition of the 
hydrophobic monomer will probably reduce the compatibility of the polymer with 
produced waters.78

The monomers acrylic acid and maleic acid are relatively low cost, raw materi-
als, and also occur in a wide variety of copolymer and terpolymer scale inhibitors 
with additional sulfonic or phosphonic acid groups. Within the category of polycar-
boxylic acids, acrylic acid/maleic acid copolymers are very common. Maleic acid does 
not polymerize easily by itself so, to increase the polymer size and performance, it is 
usually copolymerized. Copolymers with hydrophobic monomers have been claimed 
as good barium/strontium sulfate scale inhibitors.79 The method of manufacture of a 
polymeric scale inhibitor is extremely important to the end performance. Therefore, 
manufacturers who have found routes to good scale inhibitors keep to the same 
recipes. Other unsaturated carboxylic acid monomers include methacrylic acid, cro-
tonic acid, itaconic acid, glutaconic acid, tiglic acid, and angelic acid, but these are 
generally more expensive (except methacrylic acid) and are less widely used to make 
scale inhibitors.

The addition of a percentage of amide or hydroxyl groups to polycarboxylates has 
been claimed to improve their performance as scale inhibitors and also increase their 
calcium tolerance.80 Examples are maleic acid copolymers with some maleamide or 
maleimide groups or acrylic acid polymers with acrylamide, methacrylamide, N,N-
dimethyl acrylamide or hydroxypropyl acrylate monomers.81 Sulfonated groups or an 
unsaturated polyglycol monomer can also be introduced for higher calcium tolerance.
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Figure 3.15 Phosphonate-end-capped polymers (R = H or preferably PO3H2 and n, m, and 
p can be zero or any number).
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Figure 3.16 Polyacrylic, polymethacrylic, and polymaleic acids.

© 2009 by Taylor and Francis Group, LLC

  



70 Production Chemicals for the Oil and Gas Industry

Acrylic copolymers with cationic monomers such as methacryloxyethyltri-
methyl ammonium chloride have biocidal and anticorrosion properties besides being 
scale inhibitors.82 Incorporation of a quaternary amine monomer into a carboxylic 
acid–based polymer has also been shown to increase rock adsorption giving longer 
squeeze lifetimes.83–84

3.4.6.1  Biodegradable Polycarboxylates
Besides a highly biodegradable polyvinyl-based polycarboxylic acid mentioned on 
page 67, another class of polycarboxylates are the polyaminoacids or peptides, exempli-
fied by polyaspartate salts (Figure 3.17).85–88 This polymer can be made from l-aspartic 
acid or from maleic anhydride and ammonia via polysuccinimide, which hydrolyzes in 
base to polyaspartate. Polyaspartate is a highly biodegradable scale inhibitor with good 
performance against carbonate and sulfate scales. It is also a fairly good corrosion inhib-
itor.87 The structure is complex due to some degree of branching, irrespective of the 
manufacturing procedure. It contains both α- and β-groups, the α-groups containing 
pendant carboxylic acid groups one carbon atom further away from the peptide back-
bone than the β-groups. Polyaspartate is now used as a scale inhibitor in the oil industry, 
particularly in regions where the environmental regulations normally require >20% bio-
degradability such as the North Sea basin. It has also been used in squeeze treatments 
at up to ca. 85°C (185°F),89 although an improved polyaspartate for squeezing at up to 
120°C (248°F) is about to be commercially available in 2008. Polyaspartate has also been 
claimed to reduce fines migration after a squeeze treatment.90 Another patent claims the 
biosynthesis of polyaspartate, or similar polyaminoacid scale inhibitors, downhole by 
injecting genetically engineered, thermophilic microorganisms and suitable nutrients.91

Derivatives of polyaspartic acid can also make useful scale inhibitors. Poly-
aspartates with monomer units containing oxygenated hydrocarbonamides with the 
N-2-hydroxyalkylaspartamide structure, and optionally other amino acids have been 
claimed as scale inhibitors with good calcium compatibility and biodegradability.92 
Variations on polyaspartates, using other amino acids such as glutamic acid, have 
been investigated as scale inhibitors, but it does not appear that they have been com-
mercialized probably due to the higher cost of other amino acids. Polyaspartates are 
also useful low-toxicity corrosion inhibitors and are used in the field as combination 
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Figure 3.17 Sodium polyaspartate. The ratio α/β is approximately 3:7 in this case, but this 
factor and the degree of branching can be varied depending on the manufacturing process.
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inhibitors against scale and corrosion.93–94 Polyamino acids with hydroxamic acid 
groups have been claimed as biodegradable, scale and corrosion inhibitors.95

Polytartaric acid is another polymer with better biodegradation than the poly-
vinyl carboxylic acids such as polyacrylic acid.96 Polyglyoxylic acid is a carboxylic 
acid polymer with a heteroatom backbone, which may give it some biodegradability, 
although this has not been reported (Figure 3.18). Homopolymers or copolymers 
with pendant polyglycol groups for greater calcium compatibility are used as carbon-
ate scale inhibitors.97 Polyepoxysuccinic acid has also been claimed as a potentially 
green scale and corrosion inhibitor.98

A carboxylated derivative of an oligosaccharide, carboxymethylinulin, has been 
commercialized as a biodegradable oilfield scale inhibitor, particularly for use in 
environmentally sensitive areas.99–101 It is a fairly good carbonate scale inhibitor but 
poorer sulfate scale inhibitor. A feasibility study for its use as a squeeze inhibitor 
showed promise but concluded that the polymer needed optimising.102 The hydroxyl 
groups in all oligopolysacharides and polysaccharides can be derivatized to car-
boxylic acid groups using base and chloroacetic acid. An example is carboxymeth-
ylcellulose (CMC). However, solutions of these polycarboxylates can be too viscous 
for injection purposes. Carboxymethylinulin is an exception, possibly due to being 
a fairly low molecular weight molecule (Figure 3.19). However, polysaccharides can 
be selectively oxidized to give carboxylic acid groups and then controllably degraded 
by cooking the polysaccharide, forming a lower molecular weight version of the 
modified polysaccharide with carboxyl and aldehyde functional groups. Such poly-
mers can also function as scale inhibitors.103 An example is peroxide-depolymerized 
carboxyalkyl polysaccharide (preferably based on polygalactomannans found natu-
rally in guar, locust bean gum, etc.) having from 0.5 to 3.0 degrees of substitution of 
COOH groups per sugar unit.103 Polysaccharide derivatives of aloe with carboxylic 
and alcohol groups have also been claimed as scale inhibitors.104a Other biodegrad-
able scale inhibitors have also recently been reported.104b

3.4.7  POlySulfOnAtES

Most commercial sulfonated polymeric scale inhibitors have a polyvinyl back-
bone. The commonest vinyl monomers used are salts of vinyl sulfonic acid (VS), 
acrylamido(methyl)propylsulfonic acid (AMPS), allyloxy-2-hydroxypropyl sulfo-
nic acid, and styrene sulfonic acid (SSA) (Figure 3.20). Allyl sulfonic acid/maleic 
acid copolymers have also been claimed as sulfate scale inhibitors.105 Among the 
most used monomers, polymers with vinyl sulfonic acid appear to give the best 
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Figure 3.18 Polyglyoxylic acid (left) and polytartaric acid (right).
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performance against barite scale. Many types of copolymers with one of these mono-
mers are commercially available, for example, copolymers of VS and acrylic acid, or 
AMPS and acrylic acid.106 Terpolymers of meth(acrylic) acid or maleic acid, AMPs 
and a cationic monomer such as diallyldimethylammonium chloride have also been 
claimed as well as copolymers of vinyl sulfonate and polyalkylene glycol mono- or 
di-methacrylates.107–108 Polyvinylsulfonate (PVS) has a lower pKa value than phos-
phonic or carboxylic based scale inhibitors and has lower stability constants with Ca 
or Mg. Therefore, it can work as a scale inhibitor at lower pH values, principally by 
nucleation inhibition.
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Figure 3.19 Carboxymethylinulin.
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Figure 3.20 Vinyl sulfonic acid (left), acrylamido(methyl)propylsulfonic acid (middle) 
and styrene sulfonic acid (right).
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Polysulfonates have been used particularly for high-temperature squeeze applica-
tions for sulfate scale because of their high thermal stability and calcium tolerance. PVS 
and VS and VS/SSA copolymers are more thermally stable than AMPS-based poly-
mers.109 However, several other classes of scale inhibitors once thought to be unstable at 
high temperature in solution may be applicable for squeeze applications because their 
stability is increased once they are adsorbed to the formation rock.110 Polysulfonates 
do not adsorb as strongly to rock as, for example, phosphonates and therefore squeeze 
lifetimes will be shorter with these polymers. PVS works very well at low temperatures 
(4–5°C, 39–41°F), better than many other classes of scale inhibitor.44

3.5  sulFide scale inhiBition

The most common sulfide scales are salts of iron(II), zinc and lead(II) ions. 
Compared with carbonate or sulfate scale inhibition, research on sulfide scale inhi-
bition has increased significantly since the turn of the millennium. Sulfide scaling 
can be limited by avoiding biogenic production of hydrogen sulfide (H2S) by using 
biocides or nitrate/nitrite injection (see Chapter 14). However, naturally occurring 
H2S in the formation can lead to sulfide scales. Alternatively, H2S scavengers can be 
used on the production side to chemically remove H2S (see Chapter 15). However, 
the commonly used triazine-based H2S scavengers will raise the pH and may lead to 
a worsening of sulfide and carbonate scaling.111

Iron sulfide scales can build up in either seawater injector wells or producing 
wells. Injection of aminocarboxylate chelates such as nitrilotriacetic acid (NTAA) 
has been used to sequester iron and prevent iron sulfide scaling in moderate tem-
perature sour gas wells. Laboratory studies showed that NTAA was decomposed 
in 5 h above 149°C (300°F) and was therefore unsuitable for very high temperature 
applications.112 Another report claims that an aminocarboxylate (no definitive struc-
ture given) was best at inhibiting iron sulfide scale apparently via sequestration.113 
Treatments that use organic acids to chelate the iron are required to be added in 
stoichiometric amounts (or usually greater) with respect to the level of dissolved 
iron. At such treatment rates, these acids have the capacity to be very corrosive on 
the production hardware.

Blends of tris(hydroxymethyl)phosphines (THP) and tetrakis-hydroxymethyl-
phosphonium salts (e.g., THPS) and sufficient of a chelate (aminocarboxylates or 
aminophosphonates) have also been claimed to inhibit as well as dissolve iron sulfide 
scale.114 An improvement on the use of THP or THP salts that avoids polymeriza-
tion side reactions at low pH is to use these phosphine compounds in a blend with 
ammonia or a small primary amine, for example, methylamine115 (see Chapter 14 for 
more references to THPS).

Rather than sequester iron(II) ions, direct inhibition of iron sulfide scale is pos-
sible, although there are few reports of this technique.116 For example, the common 
scale inhibitors DETPMP and PPCA have been shown to inhibit FeS scale forma-
tion.117 A clarification phenomenon was observed after sulfide formation using the 
DETPMP phosphonate. This involves the formation of black FeS followed by clari-
fication after 24 h, which indicates subsequent “inhibition,” although probably by 
direct chelation rather than by threshold (substoichiometric) inhibition.
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Another method to prevent iron sulfide deposition is to disperse the scale particles 
rather than inhibit their formation. Some iron sulfide dispersant products on the mar-
ket can often move the scale to the hydrocarbon phase where they can have the pro-
pensity to form complex emulsions, and create additional operational problems. New 
dispersants (the structures were not reported) have been developed, which makes 
the iron sulfide both water-wet and deactivated.118 Evidence has been provided that 
shows how the treatment keeps the particle size small so that is unlikely to associate 
and deposit in production systems. The concept was proven in a limited field trial 
where the treatment successfully prevented the formation of pads in a primary sepa-
rator and the deposition of solids in a heater treater.

Several reports of zinc sulfide inhibition have been published. An early report is 
the use of hydroxyethylacrylate/acrylic acid copolymer as a zinc sulfide threshold 
inhibitor in oil-well-production processes.119 In a more recent report, small amino-
phosphonates (DTPMP, HEDP, ATMP) performed fairly well, needing 50–100 ppm 
for good zinc sulfide inhibition.120 The authors state that it is unclear whether the 
inhibition is due to a lowering of the pH by the inhibitor or whether threshold scale 
inhibition is taking place. Improved results were obtained with polymeric inhibi-
tors. A phosphonate-maleic copolymer, an AMPS-maleic copolymer and an AMPS-
acrylic acid copolymer were better than a polyacrylic acid. In general, sulfide scale 
inhibition required up to ten times the dosage as sulfate-scale inhibition. Other work-
ers have reported the improved effect of polymeric scale inhibitors over small phos-
phonates.121–122 Chelates such as Na4EDTA and Na5EDTA also performed well, but, 
as they only work stoichiometrically, they may be expensive to use at high metal 
sulfide concentrations. Successful squeeze treatments with PbS/ZnS polymeric scale 
inhibitors for HPHT wells have been reported.123

3.6  halite scale inhiBition

Halite (sodium chloride) deposition can be controlled by continuously diluting the 
produced water supersaturated in halite.124 For example, dilution downhole with 
freshwater via a macaroni string can be carried out. However, this may require large 
volumes of low salinity water, compatible with the produced water and deoxygen-
ated to limit corrosion. Dilution with seawater can lead to sulfate scaling unless 
treated with a sulfate scale inhibitor.

Halite contains only monovalent anions so the scale inhibitors discussed earlier 
used for scales with divalent anions (carbonate, sulfate, etc.) do not work on halite 
scale.125 There are two classes of chemicals that have been known for some time to 
inhibit (i.e., change the crystal morphology of) halite scale:

hexacyanoferrate salts, M•	 4Fe(CN)6, M = Na or K
nitrilotrialkanamides and quaternary salts, N[(CH•	 2)nCONH2]3, n = 1 or 2

Halite “inhibition” with these chemicals usually requires significantly higher doses 
than inhibitors for sulfate and carbonate scale inhibition. However, new products 
have been developed, which, from laboratory studies, are claimed to perform well at 
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significantly lower concentrations. Details of their chemistry have not been reported, 
although two products are inorganic and one is organic nitrogen-based. Other inhi-
bition and field applications have also been reported.126 Among these three, the 
organic-based product has also shown excellent environmental profile and acceptable 
adsorption characteristics under reservoir conditions. Results from pH tests suggest 
that the solution pH has a profound effect on the amount of adsorption, which has 
been valuable information in developing optimized squeeze packages.

Potassium hexacyanoferrate (HCF) has long been known as a modifier of halite 
crystals.127 An octahedron of chloride ions with sodium in the middle can be replaced 
by a Fe(CN)6

4− ion.128 In concentrations ranging from 2.48 × 10−4 up to 2.85 × 10−3 M 
HCF was able to increase the solution critical supersaturation (up to 8%) resulting in 
a significant crystallization inhibition effect.129 HCF has been successfully used in the 
field to greatly reduce the deposition of halite scale in gas compression equipment.130 
It is normally applied at a concentration of about 250 mg/l. The fact that laboratory 
tests gave even better performance is attributed to iron ions incompatibility in the 
field. HCF modifies the halite crystals such that any deposits are easily removed by 
periodic washing with low salinity water. No downhole applications with HCF have 
yet been reported. HCF reacts with iron(III) salts in the produced water to produce a 
Prussian blue color. To prevent this from happening, sequestering agents such as the 
trisodium salt of nitrilotriacetic acid and alkali metal citrates can be added.131

In the class of nitrilotrialkanamides, both nitrilotriacetamide and nitrilotripro-
pionamide have been reported to inhibit halite precipitation (Figure 3.21).132 The 
hydrochloride or hydrogen sulfate salts can also be used.133–134 The crystal modifica-
tion effects are correlated with the fit between 
the molecular structures of the additives and the 
lattice of the crystals.135–136 Salts of nitrilotriacet-
amide have been used successfully in the field to 
reduce halite scale formation, both topside and 
downhole in squeeze treatments.137–138 The com-
mercial product usually contains ammonium 
chloride, which is a side-product in the synthe-
sis of nitrilotriacetamide. The chloride ion is a 
common ion to halite formation and would be 
best removed from the product, but this would 
raise the price considerably. Nitrilotriacetamide 
is stable at high temperatures and is reasonably 
biodegradable.

3.7  methods oF dePloying scale inhiBitors

There has been little advance in designing higher performing scale inhibitors in 
recent years; where there has been advance has generally been in developing more 
biodegradable products. However, the scale-control area where most advances can 
still be made is technology concerning the application of scale inhibitors. There are a 
variety of methods of applying scale inhibitors in the field, but the main alternatives 
are as follows:1
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Figure 3.21 Nitrilotriacetamide.

© 2009 by Taylor and Francis Group, LLC

  



76 Production Chemicals for the Oil and Gas Industry

continuous injection•	
squeeze treatment•	
solid, slow-release scale inhibitor compositions•	

3.7.1  COntinuOuS injECtiOn

Continuous injection of scale inhibitor may be needed in injector wells, especially for 
produced water reinjection, or in producing well streams. Continuous injection in the 
injector wells has also been carried out to prevent scaling in the producing wells.139 
Continuous injection into produced waters is usually carried out topside at the well-
head, where other production chemicals, such as corrosion inhibitors, may also be 
injected. In fact, many scale inhibitors are not compatible with certain corrosion inhib-
itors. Scale inhibitors can also be injected downhole if a capillary string is available or 
via the gas lift injection system.140–141 In gas lift injection, it is important to add a low–
vapor-pressure solvent (vapor pressure depressant, VPD) such as a glycol to the aque-
ous scale inhibitor solution to avoid excessive solvent evaporation and “gunking” of the 
scale inhibitor. In addition, glycol or some other hydrate inhibitor may be needed to 
suppress gas hydrate formation.142 There is one field report where use of a VPD did not 
prevent gunking. In this case, a solid scale inhibitor was dissolved in a very high boil-
ing solvent and successfully deployed through the gas lift system.143 A scale dissolver 
blended with a scale inhibitor has also been deployed in a gas lift system.144 Downhole 
injection of some scale inhibitors can lead to increased downhole corrosion rates.145

3.7.2  SCAlE inhiBitOR SquEEzE tREAtmEntS

The basic idea in a scale inhibitor squeeze treatment is to protect the well downhole 
from scale deposition and formation damage. The inhibitor will, of course, con-
tinue to work above the wellhead, protecting the pipeline from scaling, but a further 
dose of a scale inhibitor may be needed topside. In a squeeze treatment, a solution of 
the scale inhibitor is injected into the well above the formation pressure whereby the 
inhibitor solution will be pushed into the near-well formation rock pores.146 The well 
is then usually shut-in for a period of hours to allow the inhibitor to be retained, by 
various mechanisms, in the rock matrix. When the well is put back onstream again, 
produced water will pass the pores where the chemical has been retained dissolv-
ing some of it (Figure 3.22). In this way, the produced water should contain enough 
scale inhibitor to prevent scale deposition. When the concentration of the inhibitor 
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Figure 3.22 Scale inhibitor squeeze treatment.
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falls below the MIC (minimum inhibitor concentration that prevents scale depo-
sition) the well should be resqueezed. Naturally, long squeeze lifetimes will keep 
the overall downhole scale treatment costs to a minimum. Squeeze modeling pro-
grams are commercially available to assist in the design of scale inhibitor squeeze 
treatments.147 Understanding the chemistry of the rock-scale inhibitor interactions 
can also help in the squeeze design.148–149 The ability to analyze the residual scale 
inhibitor accurately, or more importantly, the active inhibiting components of the 
inhibitors can be difficult in some oilfield-produced waters, but a number of methods 
are available. Complementary and more direct methods of analysis such as scan-
ning electron microscopy, stressed tests, and in-line monitoring are also available.1 
Different tagged-scale inhibitors have been proposed for use in subsea completions 
where several individual wells flow into a common seabed pipeline and on to the 
nearest production platform. Analysis of the tagging allows the operator to know the 
concentration of scale inhibitor in the produced fluid from each well to know when 
each well needs resqueezing.150 Squeeze treatments can also be carried out with 
other production chemicals such as asphaltene inhibitors.

The traditional “adsorption” scale inhibitor squeeze treatment uses a water-
based scale inhibitor solution usually as a 5–20% active solution in KCl or sea water. 
The scale inhibitor is adsorbed onto the formation rock during the shut-in. A pre-
flush (such as 0.1% inhibitor in KCl or seawater, optionally with a demulsifier) can 
be used to clean and prepare the near–well bore for the scale inhibitor itself. An 
afterflush is used to push the scale inhibitor deeper into the formation.151 This treat-
ment process is accepted for wells at significant water-cut (> 10%). In the region of 
0–10 % water-cut, more unconventional treatment methods need to be evaluated. 
Phosphonate groups generally adsorb better than carboxylate groups, which are bet-
ter than sulfonate groups. Thus, squeeze lifetimes with sulfonated inhibitors such 
as PVS may be lower than with inhibitors with many phosphonate groups due to 
low retention in the rock matrix. However, the adsorption must not be so strong that 
the inhibitor is back-produced below the MIC. With adsorption squeeze treatments, 
it is common for a fair percentage (25–35%) of the scale inhibitor to be produced 
back immediately after the well is put on production. Thus, the squeeze lifetime is 
reduced to significant early loss of scale inhibitor. The ideal situation would be to 
have the scale inhibitor produced back at a constant MIC level from day 1.

There are a number of techniques, which have been developed to increase scale 
inhibitor retention on the rock formation and thus enhance the lifetime of a squeeze 
treatment. They include:

precipitation squeeze treatment•	
use of some transition metal ions and Zn•	 2+ ions
raising the pH in situ•	
mutual solvents to change the rock wettability•	
blends with cationic polymers•	
incorporating cationic monomers in the scale inhibitor polymer structure•	
cross-linked scale inhibitors•	
use of kaolinite or other clay that enhances inhibitor adsorption•	
scale inhibitor microparticles•	
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A common way to increase the retention of the scale inhibitor in the near–well bore 
is to carry out a precipitation squeeze treatment.152–154 Many scale inhibitors are 
incompatible at elevated temperatures and reservoir pH with high calcium or magne-
sium concentrations. Thus, by injecting these cations or iron(II) ions (or dissolution 
of these ions from the reservoir minerals) with the scale inhibitor an inhibitor-cation 
complex can be precipitated in the near–well bore, giving better retention than using 
the inhibitor alone.155–156 In situ dissolution of these ions from the reservoir minerals 
can also enhance inhibitor retention.

It is important not to form the precipitated complex in the perforations, and cause 
well damage, by using a suitably sized overflush. A solid source of cations or polyca-
tions, such as microparticles of a basic anion exchange resin, can be squeezed first 
into the formation followed by the scale inhibitor to increase the retention of the 
inhibitor.157 Highly sulfonated polymers such as PVS do not easily form precipitates 
with calcium salts and therefore have to be deployed by some other technique such as 
an adsorption squeeze, although sulfonated polymers tend to desorb rather quickly 
giving short squeeze lifetimes.

The use of Zn2+ ions in squeeze formulations has been shown in laboratory studies 
to significantly increase the retention of the inhibitor.158 Furthermore, Zn2+ showed 
significant synergistic effect on barite scale inhibition by certain scale inhibitors. 
Together with phosphonate, Zn2 also demonstrated a synergistic effect on corrosion 
inhibition. Stronger solution complexes are observed for common scale inhibitors 
with Zn2+ than that with alkaline earth metal ions, such as Ca2+, Mg2+, and Ba2+. This 
stronger solution complex formation with Zn2+ ions may attribute to the observed 
enhanced scale inhibition efficiency.

Another method to increase scale inhibitor retention in a precipitation squeeze, 
and thus the squeeze lifetime, is to raise the pH of the scale inhibitor solution in situ 
in the near–well bore. In this way, acid groups in the inhibitor molecules become 
anions and can complex more easily with cations, precipitating out as calcium/ 
magnesium complexes. For example, the scale inhibitor solutions can be blended 
with urea or an alkyl urea derivative.159–162 At elevated temperatures in the forma-
tion, the ureas decompose to release the basic gas ammonia or an alkylamine, which 
raises the pH of the scale inhibitor solution. Other base-generating amides such as 
acetamide or dimethylformamide can also be used.163

However, urea only breaks down above 85°C (185°F), so it cannot be used in 
low-temperature wells by itself. For such cases, two approaches have been designed. 
First, a novel multistage precipitation squeeze treatment can be carried out.164 A 
low-pH blend of phosphonate scale inhibitor and calcium ions was pumped (actu-
ally as a temperature sensitive invert emulsion) alternately with high-pH solutions 
of sodium carbonate (containing a low dose of carbonate scale inhibitor). Mixing of 
the aqueous phases caused precipitation of the Ca-inhibitor complex on the rock. 
Second, an enzyme can be used to decompose the urea at temperatures as low as 
40°C (104°F).165 Both methods have been successfully used in the field.

Another method to increase the squeeze lifetime is to use a mutual solvent 
(small nonionic amphiphile, NIA) such as the small alkyl glycols (e.g., butyl tri-
glycol ether).166–167 Mutual solvents enhance inhibitor retention by making rock more 
water-wet and help in well clean-up rates.168–170 They can also remove trapped water 
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(water blocks) caused by an all-aqueous squeeze treatment, thus providing stimula-
tion.171 Hence, a preflush with a mutual solvent is often used.169 The squeeze lifetime 
enhancement is far superior in a precipitation squeeze to the performance of the 
same mutual solvent when used in an adsorption scale squeeze method. The mutual 
solvent enhancement technique has been combined successfully in the field with the 
pH-modifying technique, using urea.172

A method claimed to increase the squeeze lifetime is to precondition the rock 
surface with a cationic polymer such as polydiallyldimethylammonium chloride 
(polyDADMAC) originally used as a clay stabilizing/sand control additive.173–174 The 
positively charged surface is then better able to adsorb negatively charged scale inhibi-
tor ions. It has also been found that incorporating cationic monomers into a scale inhibi-
tor polymer such as PPCA also gives a product, which is retained on the rock above the 
MIC for a longer period.83,175 It is thought that by “fixing” the polymers to the surface 
of the formation (e.g., by electrostatic attraction between positively charged monomers 
and negatively charged sandstone), the inhibitor adsorption can be enhanced. A poly-
mer composed of acrylate and a quaternary monomer gave a high biodegradation of 
over 60% (unusual for a polyvinyl polymer) in the OECD306 28-day seawater test.176 
The amount of the positively charged quaternary monomer had to be optimized to 
allow the adsorbed inhibitors to be released to the formation brine.

Another method to enhance squeeze lifetimes is to use a cross-linked scale inhibi-
tor.177–178 This has been shown to double the squeeze lifetime of carboxylic polymeric 
scale inhibitors in the laboratory, but has not been tried in the field.179 The technique is 
a hybrid of a scale squeeze treatment and a cross-linked polymer water shut-off treat-
ment. In fact, a water shut-off treatment that can also provide scale inhibition by incor-
porating a scale inhibitor into the cross-linked polymer matrix has been claimed.

Another method that enhances scale inhibitor retention, and also can be used 
for water shut-off, is the use of kaolinite clay.180 Kaolinite is a commonly occurring 
clay type within sandstone reservoirs and contributes towards increasing squeeze 
lifetimes by increasing the available surface for scale inhibitor adsorption. For those 
fields that produce from high-permeability, low–clay-content sandstone reservoirs, 
a frequently encountered problem is that of relatively short squeeze lifetimes due 
to the relatively low-scale inhibitor adsorption achieved upon quartz and feldspar 
grains that are typically present. It has been demonstrated by coreflooding that alter-
ation of the near–well bore mineralogy by kaolinite injection can increase inhibitor 
adsorption and, therefore, provide the potential for significantly enhanced squeeze 
lifetime within clean, high-permeability reservoirs. Injection of low concentrations 
of kaolinite could be achieved within such reservoirs without causing significant 
formation damage and thereby affecting well productivity. It is possible that other 
clay types or different materials could be more efficient.

3.7.2.1  scale inhibitor squeeze treatments combined with other  
well treatments

Scale inhibitors have been added to fracturing fluids to provide protection against 
scale-related damage during the early stages of water breakthrough.181–183 However, 
adding a water-soluble scale inhibitor to a water-based fracturing fluid is not always 
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straightforward as studies have shown.184 However, permeable proppants impreg-
nated with scale inhibitor have been successfully used in the field to deliver scale 
protection during and after a fracturing operation.185–190 Simultaneous fracturing and 
scale inhibitor squeeze treatments in gas reservoirs have also been carried out.191

Combining HCl acid stimulation chemicals and scale inhibitors is not a straight-
forward process either due to compatibility problems among the acid, the acid 
additives, the scale inhibitor, and the spent acids containing higher cation salinities. 
However, certain scale inhibitors are not only compatible with HCl but also that they 
retain their ability to adsorb onto reservoir rock under highly acidic conditions.192 
Hence, a scale inhibitor could be deployed directly in the acid system, negating the 
need for a separate scale inhibition treatment.193 Combined acidizing scale removal and 
scale inhibition treatments have also been reported.194 However, one study showed that 
chelates used as sulfate scale dissolvers seriously impair the performance of a range 
of scale inhibitors such as phosphonates, polycarboxylates, and phosphate esters. Only 
highly sulfonated polymers such as PVS appeared to be immune to the chelates.195

In addition, a relative permeability modifier (for water shut-off) and scale 
inhibitor–combined treatment has been successfully carried out.196 A combined scale-
inhibitor treatment and water-control treatment requiring fewer steps than the sum 
of each treatment procedure practiced separately has been claimed.197 Rather than 
carry out two separate well treatments, it has been claimed to carry out a water shut-
off and scale-squeeze treatment in a single step. Thus, a carboxylate polymeric scale 
inhibitor and cross-linker is injected into the formation, which becomes cross-linked 
in the near–well bore providing a water shut-off gel. When the gel breaks down, the 
scale inhibitor is then available to control scaling.198 Other production chemicals 
besides scale inhibitors can be retained in the formation in the polymer gel.

3.7.3  nOnAquEOuS OR SOlid SCAlE inhiBitORS fOR SquEEzE tREAtmEntS

One problem with downhole water-based squeeze treatments is that the aqueous 
solutions of scale inhibitor may change the wettability of the rock. Once water-wet, 
the water permeability of the rock will have been changed, sometimes permanently, 
so that a water channel may eventually open up into a water pocket, leading to the 
so-called water coning effect, wherein a well is irreversibly damaged. Such a well 
will never again return to full productivity and new perforations need therefore be 
sunk to economically extract oil from the field. Relative permeability changes may 
also take place with water-based squeeze treatments. Thus, avoidance of the use 
of water-based squeezed products in low water cut wells or water-sensitive wells is 
important to avoid loss of oil production. In addition, wells with high water cuts with 
lifting problems would benefit from lower density, nonaqueous squeeze treatments.

To overcome this problem, a variety of nonaqueous scale-inhibitor compositions 
have been developed.199–201 These inhibitors can be:

oil-miscible (often referred to as oil-soluble)•	
totally water-free materials in organic solvent blends•	
invert emulsions, microemulsions, or nanoemulsions•	
encapsulated products•	
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3.7.3.1  oil-miscible scale inhibitors
Scale inhibitor compositions in hydrocarbon solvents have been developed that avoid 
the practice of injecting aqueous solutions or calcium-sensitive scale inhibitors. They 
are often referred to as oil-soluble scale inhibitors. In fact, the composition is an 
alkylamine and the acid form of the scale inhibitor, which form an ion pair, which is 
oil-soluble. The blend can be diluted in a cheap hydrocarbon solvent such as diesel 
or kerosene. An example is a blend of a tertiary alkyl primary amine with an amino-
phosphonic acid such as DTPMP. The acid form of the inhibitor contains water, as 
sold, so that the final oil-soluble inhibitor composition does actually contain a low 
percentage of water (5–10%).202 A more preferred amine is 2-ethylhexylamine as it 
has better environmental properties.203 When injected, the oil-soluble scale inhibitor 
will partition into the formation water and be adsorbed onto the rock. The overflush 
used for deeper penetration of the inhibitor can be hydrocarbon-based such as diesel. 
Oil-soluble scale inhibitors are now successfully field-proven in water-sensitive 
wells.204–205

Oil-soluble scale inhibitors can also be used in continuous injection. In such cases, 
they can be coinjected with THIs such as methanol and glycols products, which are 
not compatible with some scale inhibitors. Alternatively, other oil-soluble production 
chemicals such as wax and asphaltene inhibitors can be blended with the oil-soluble 
scale inhibitors to avoid using more than one umbilical.

3.7.3.2  totally water-Free scale inhibitors in organic solvent Bends
Phosphorous-tagged, polymeric, sulfonated scale inhibitors have been found to dis-
solve in blends of organic solvents without any water present at all.206–207 They work 
in a similar way to the oil-miscible scale inhibitors described above by partitioning 
back into the formation water on squeezing. From here, they can be precipitated 
onto the formation rock. In addition, the scale inhibitor precipitation can be fur-
ther controlled and enhanced through emulsification with a calcium-loaded aqueous 
medium also containing organic additives to aid and enhance the precipitation pro-
cess. Although this involves incorporating water into the product package, the invert 
emulsion provides an oil-continuous matrix and is considered by the authors to be 
significantly less damaging to water-sensitive formations than standard oil-miscible 
and emulsified scale inhibitor packages.

3.7.3.3  emulsified scale inhibitors
Invert emulsions are water-in-oil macroemulsions. They can be tuned to break at res-
ervoir temperatures, thereby releasing the aqueous phase containing a water-soluble 
scale inhibitor or other production chemical.169,208–211 A demulsifier with a cloud point 
of about 40–60°C (104–140°F) can be injected after the macroemulsion and cause 
the macroemulsion to break releasing the scale inhibitor.212 Microemulsion squeeze 
treatments have also been reported.213–214 An emulsified precipitation scale inhibitor 
squeeze treatment using urea for enhanced precipitation has been successfully car-
ried out in the field.206 Temperature-sensitive nanoemulsions containing up to 3% 
scale inhibitor, which are prepared using biodegradable nonionic surfactants at lower 
dosages than those used for making invert or microemulsions have been qualified in 
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the laboratory, but field trials have not yet been reported. The nanoemulsions show 
significantly better stability at room temperature compared with other emulsions.215

The water-in-oil emulsion does not need to break if it can be retained in the pores 
over a long period. This normally requires a low-permeability reservoir. Thus liquid-
liquid microencapsulation, slowly degrading emulsion products have been devel-
oped.216–217 This droplet entrapment technique is useful for squeezing many other 
production chemicals such as biocides, H2S scavengers, corrosion inhibitors, and 
so forth. Field applications have been reported.218 For high-permeability reservoirs, 
where trapping will not take place, an invert emulsion precipitation squeeze can be 
carried out to circumvent this problem.219

3.7.3.4  solid scale inhibitors (for squeezing and otherwise)
A technique that avoids the use of water in squeeze treatments is to use very fine, 
coated particles containing scale inhibitor. A suspension of these microencapsulated 
scale inhibitor particles in a liquid hydrocarbon can be squeezed into the formation 
and trapped in the pores, slowly releasing scale inhibitor into the produced water 
when put back on production.220 The technology has successfully been used to con-
trol sulfate scaling.221

There are various ways of producing particles containing scale inhibitor including 
100%, solid products, encapsulated products, and highly porous materials that can 
capture the inhibitor.222–225 An improved method of generating particles containing 
scale inhibitor is by thermal radical-initiated polymerization of suitable monomers 
in an inverse emulsion or suspension containing the scale inhibitor.226 In this way, 
the rate of leaching of the inhibitor, precursor, or generator may be controlled or 
selected by choice of particle properties (e.g., swellability, porosity, degradability, 
size, molecular weight, degree of cross-linking), which, in conjunction with proper-
ties of the downhole environment (e.g., temperature, pH, salinity), will govern the 
leaching or release rate.

A suspension of scale inhibitor particles can also be injected at water injector 
wells. From here, the suspension will percolate through the subterranean forma-
tion towards a production well and controllably release the scale inhibitor from the 
particles in the near–well bore region of the production well.227 Suitably, the par-
ticles of the controlled-release scale inhibitor comprise an esterifiable scale inhibitor 
cross-linked with a polyol via ester cross-links.

Solid particles containing scale inhibitors or other production chemicals can 
also be used in other situations besides squeeze treatments. Examples for fractur-
ing operations were discussed earlier in Section 3.7.2.1. Scale-inhibitor–impregnated 
proppants have also been used in gravel-pack completions.228 A weighted solid-scale 
inhibitor capsule, suspended in a carrier brine has been pumped to the wellhead 
and allowed to fall, under gravity, into the sump. On reaching the sump, the diffu-
sion of scale inhibitor from the capsule established a concentration gradient, which 
delivered a near-constant level of inhibitor over the lifetime of the treatment.229 Scale 
inhibitors particles can also be placed behind screens in gravel packs where they will 
gradually release the inhibitor on contact with produced water or as proppants in 
fracture operations.230–231 Scale inhibitor particles can also be placed behind sliding 
sleeves, which are opened when water is detected.232

© 2009 by Taylor and Francis Group, LLC

  



Scale Control 83

Calcium-DTPMP submicron-sized particles, prepared directly by chemical pre-
cipitation with the assistance of PPCA, have been shown to provide enhanced reten-
tion of the phosphonate scale inhibitor in laboratory coreflooding.233 Adsorption of 
PPCA to Ca-DTPMP particles increases their negative surface charge and decreases 
particles deposition in porous media.

3.7.4  PlACEmEnt Of SCAlE inhiBitOR in A SquEEzE tREAtmEnt

Placement of the scale inhibitor in a squeeze application is important so that all the 
water-producing zones are treated.146–147 This is especially true in long, deviated, 
or horizontal wells where you do not want all the inhibitor to be squeezed into the 
heel of the well but to penetrate also at the toe of the well.234 If significant perme-
ability or pressure variations are present in the interval to be treated, treatment fluid 
will enter the zones with the higher permeability and lower pressure, leaving little 
fluid to treat the other zones, which can potentially be the water-producing zones. 
The challenge is even greater in long horizontal wells with significant permeability 
and pressure contrast. To achieve a more uniform fluid coverage, the original flow 
distribution across an interval often needs to be altered. The methods used to alter 
this are called “diversion” methods. The purpose is to divert the flow from one por-
tion of the interval to another. A section on chemical diverter techniques is given in 
Chapter 5 on acid stimulation. Some of the techniques listed there do not appear to 
have been investigated for scale-inhibitor placement: these include viscoelastic sur-
factants, biodegradable. The main two methods of diversion that have been used in 
scale inhibitor squeeze applications are wax diverters and viscosified aqueous solu-
tions. Foamed scale inhibitor treatments have recently been patented.329 The foams 
collapse to liquid shortly after delivery.

For wax diverters, particles of wax are injected, which block the perfora-
tions at the heel of the well and divert the fluid towards the toe. The beads will 
later melt as they reach the temperature of the formation avoiding any formation 
damage.235–237

The second method is to use a temporary, self-diverting viscosified (or gelled) 
scale inhibitor solution.238 Use of polymers such as xanthan or succinoglycan in the 
scale inhibitor solution giving increased viscosities lead to self-diversion, useful for 
better scale inhibitor placement in horizontal and complex wells.239 Lightly viscosi-
fied shear-thinning fluids based on xanthan have been successfully used in labora-
tory studies at up to 170°C (338°F).240 Succinoglycan breaks irreversibly above about 
70°C (158°F) in seawater giving no permeability loss, so its use is limited to fairly 
low-temperature well applications. In laboratory tests, it also gave increased squeeze 
lifetimes compared with a nonviscosified treatment. Xanthan is a shear-thinning 
polysaccharide that breaks thermally when heated above 115°C (239°F), depending 
on the salinity. Salinity increases the breaking temperature. For xanthan, thermal 
polymer degradation usually with an oxidant breaker is needed to “break” the viscous 
gel completely and return fluid viscosity approximate to conventional aqueous-based 
squeeze treatment deployment. Theoretical modeling indicated that to achieve best 
placement across multiple-fractured zones that the viscosified scale inhibitor solution 
should be a lightly shear-thinning fluid of about 20 cp and injected at low flow rates 
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(1–10 bpm).241 On one North Sea field, a viscous scale inhibitor squeeze treatment 
was only partly successful for a deviated well. The placement of the scale inhibitor 
seemed to be good, but the well was damaged from plugging during injection.242

Emulsifying the scale inhibitor also gives a higher viscosity (see section on 
emulsified scale inhibitors).243 This has been done successfully in the field for bet-
ter placement of acid stimulation treatments. Guar polymers have been claimed to 
give benefits over the use of xanthan as a viscosifier.244 Only about 0.3 wt.% polymer 
is needed. A polycationic guar showed particularly good results and may also give 
enhanced inhibitor retention. Chapter 5 on acid stimulation should be consulted for 
more information on other diverter techniques.

3.8  PerFormance testing oF scale inhiBitors

The most common types of laboratory tests carried out for new scale inhibitor appli-
cations include the following:246

static bottle tests•	
tube blocking test•	
compatibility tests•	
thermal ageing (in solution or on rock)•	
static adsorption tests•	
dynamic adsorption tests—core flooding including permeability changes•	

Static bottle tests are used as a rough screening method to rank the performance 
of sulfate scale inhibitors. This is most usually done for barium sulfate inhibition 
(another method of evaluation of scale inhibitor efficiency consists of determining 
a supersaturation level of any scale forming compound in a given water, at defined 
conditions, in the presence of a specified amount of scale inhibitor or without inhib-
itor).245 For continuous injection field applications, the next step is to carry out dynamic 
tube-blocking tests with the highest performing candidates from the static tests.246 
Tube-blocking tests will be the first step for carbonate scale inhibitors. In the dynamic 
tube-blocking test, inhibitors are tested at decreasing concentrations until a given pres-
sure drop occurs across the tube. Prescaling of the tube is often carried out to get more 
repeatable results. Using this technique, the minimum inhibitor concentration (MIC) 
necessary for complete inhibition can be ascertained and thus the performance of 
inhibitors can then be compared. The MIC is a guideline figure for use in the field and 
its effect needs monitoring once in use.58,247 It is important to do inhibitor performance 
testing at the pH of the produced water in the presence of the main produced cations. 
For example, Fe(II) ions can affect the performance of many scale inhibitors. Often, 
produced water pH is 5–6 rather than a pH of 2–3 for many scale inhibitor solutions. 
Brine compatibility is also important for continuously dosed inhibitors: in an extreme 
case, it is possible to form a scale consisting of Ca/Mg salts of the inhibitor at a point 
immediately downstream of where the inhibitor mixes with the produced fluids.

For squeeze treatments, three further studies are needed. First, compatibility 
tests are needed to check that the scale inhibitor does not precipitate when mixed 
with formation brines causing formation damage. Second, and especially for high-
temperature reservoirs, thermal ageing tests are needed to make sure the inhibitor is 
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stable at the reservoir temperature for the expected squeeze lifetime. The inhibitor 
solution is aged in a static bottle and then performance-tested against a nonaged 
sample. It has long been believed that many classes of scale inhibitors were not ther-
mally stable for high-temperature reservoirs based on static bottle-test thermal age-
ing studies followed by dynamic tube-blocking tests. For example, vinyl sulfonate 
polymers appeared to be thermally far more stable than aminophosphonates at high 
temperatures. However, it has been pointed out that in the field, the scale inhibitor 
is deposited on the formation rock, which can slow down the thermal degradation 
process. Consequently, laboratory thermal ageing studies should be carried out on 
scale inhibitors adsorbed to rock samples.110

The second type of test that can be performed for evaluating squeeze treatments 
is the static adsorption test.248 This bottle test determines the adsorption (not precipi-
tation) ability of a scale inhibitor on crushed formation rock. The final test, and the 
most important, is a dynamic core flood. The inhibitor is flooded into a core sample 
at reservoir conditions and back-produced using formation water. The concentration 
of inhibitor in the produced water is monitored until it drops below the MIC. From 
these data, one can plot an adsorption isotherm and determine the expected squeeze 
lifetime compared with other products. Permeability changes can also be monitored 
with a coreflood.

A few studies have focused on deposits formed on the surface of metals. One 
study demonstrated that bulk precipitation and surface deposition have different 
dependencies on the index of supersaturation, and so, to completely understand an 
industrial scaling system, both processes should be studied.249

3.9  chemical scale removal

This section reviews chemicals for metal carbonate, sulfate, sulfide, and lead scale 
removal. Soft halite (NaCl) scale is simply removed by washing or jetting with low-
salinity water. If seawater is used, a sulfate scale inhibitor may need to be added. 
Mechanical methods of scale removal have been reviewed.1,250 Abrasive jetting (water 
with sharp-edged sand particles) is better than water jetting alone but can damage 
tubulars. Rounded beads can reduce the damage. They are also acid-soluble, making 
clean-up operations simple. Viscosifying the water with a polymer such as xanthan 
helps reduce friction.251–252

3.9.1  CARBOnAtE SCAlE REmOvAl

Chapter 5 on acid stimulation reviews, among other topics, methods of stimulating 
carbonate reservoirs. The chemical solutions are very much the same for carbonate 
scale removal, which is also a form of stimulation. Therefore, this section will only 
give a brief discussion related to carbonate scale removal.

Calcium carbonate (calcite) is by far the most common carbonate scale, followed 
by iron carbonate (siderite).253 Carbonates are dissolved by all number of acids, the 
easiest and cheapest being hydrochloric acid (HCl):

 2HCl + CO3
2− → H2O + CO2 + 2Cl−
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The exothermicity of the reaction and the release of CO2 gas can both speed up the 
rate of reaction. As the acid spends, the concentration of metal ions (e.g., calcium 
ions) in solution increases and acts to retard the reaction. An additive that must be 
used in an acid dissolver package is a corrosion inhibitor. Two other common addi-
tives are

iron control agent•	
water-wetting surfactant•	

These additives and others, such as those to counteract sludging problems are 
reviewed in Chapter 5 on acid stimulation. Organic acids have also been used as 
carbonate scale dissolvers. Use of organic acids such as acetic acid (CH3COOH) 
will slow down the reaction with carbonates compared with HCl, and they are less 
corrosive than HCl. The use of long-chain organic acids has also been reported.254 
The reducing acid, formic acid, and buffered blends with formate ions can be useful 
to reduce corrosion problems in carbonate scale removal at high temperatures.255–256 
Gelled organic acid have been used for improved CaCO3 removal in horizontal open-
hole wells.257 Citric acid has also been investigated.258

One way to avoid corrosion and sludging problems in carbonate scale removal 
is to use a chelate dissolver instead of acids. Salts of EDTA, such as Na2EDTA 
and other aminocarboxylate chelating agents, also known as sequestrants, have been 
used to some extent to remove carbonate scale formation damage, especially in 
high-temperature environments (Figure 3.23).259–260 Otherwise, they are rarely used 
commercially as carbonate dissolvers probably because HCl and organic acids are 
less expensive. Phosphonate scale inhibitors with carboxylic acid groups, such as 
2-phosphonobutane-1,2,4-tricarboxylic acid, can also be used.261

Other more biodegradable chelating agents have been investigated.262 These include 
salts of hydroxyethyliminodiacetic acid (HEIDA) and hydroxyethylethylenediamine 
triacetic acid (HEDTA) and glutamic acid diacetic acid (GLDA) (Figure 3.24). A salt 
of HEIDA has the dissolver capability of 7.5% HCl and is biodegradable whereas 
EDTA is not. However HEIDA did not perform as well as HEDTA against gypsum 
scale.263 These hydroalkyl chelates have a benefit over EDTA in that they are more 
soluble in acid solutions if they must be used for iron control in acid stimulation.264 
Another biodegradable chelate dissolver that is now commercially available is triso-
dium ethylenediaminodisuccinate (Figure 3.24).265

A viscoelastic surfactant such as N-erucyl-N,N-bis(2-hydroxyethyl)-N-methyl 
ammonium chloride can be used to obtain better placement of the dissolver. In use, 
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Figure 3.23 Ethylenediaminetetraacetic acid.
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formation hydrocarbons act on the surfactant to reduce the viscosity of the fluid so 
that the fluid selectively invades a hydrocarbon-bearing zone of the formation.266

Iron carbonate (siderite) scale can be removed using the usual chelates mentioned 
above. Iron oxides are harder to remove with high pH chelants. Amino acid/hydroxy-
aromatic chelates and sulfonated hydroxyaromatics are better at dissolving iron 
oxides at pH 7 or higher, while biodegradable citric acid can be used at low pH. 
Phosphonates also show good performance.267

3.9.2  SulfAtE SCAlE REmOvAl

Calcium sulfate (gypsum or anhydrite, CaSO4 × H2O) is the easiest sulfate scale to 
remove chemically and barium sulfate (barite, BaSO4), the hardest. Calcium sulfate 
is not soluble in acids but will dissolve in high-pH chelate solutions, the same products 
discussed above for carbonate scale removal.268 The standard products for many years 
have been sodium salts of EDTA (Figure 3.23), but there is a move to more biodegrad-
able products in environmentally strict areas such as the North Sea basin.263 Other 
biodegradable chelate dissolvers such as those discussed for calcium carbonate scale 
dissolution and also glutamic acid N,N-diacetic acid, 2-(1,2-dicarboxyethylimino)-
3-hydroxybutane diacid, carboxymethylimino-3-hydroxybutane diacid, 2-(1,2-dicar-
boxyethylimino) butanediacid, and (S)-aspartic acid-N-monoacetic acid have also 
been claimed.269–271 An organosilane can be added to the chelate dissolver to sta-
bilize fines migration.272 Addition of chelating aminophosphonates (which are also 
scale inhibitors) to EDTA formulations has been claimed to enhance calcium sul-
fate dissolution.273 A product that is claimed to enhance disintegration of gypsum 
scale better than EDTA is hydroxamic acid and/or certain salts thereof.274 Chelate 
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Figure 3.24 Hydroxyethyliminodiacetic acid (A), hydroxyethylethylenediamine triacetic 
acid (B), and trisodium ethylenediaminodisuccinate (C).
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dissolver treatments can also remove other scales/damage such as iron oxides, cal-
cium, and aluminum silicates, and bromides.291

An alternative method of removing gypsum scale (and maybe even barite 
scale) is to convert the calcium sulfate to calcium carbonate by pumping in aque-
ous CO2/bicarbonate mix at pH < 7. The acidic solution then dissolves the car-
bonate.275 The use of soda ash (sodium carbonate) to “convert” the gypsum to 
calcium carbonate and subsequently the use of an HCl wash to dissolve this salt 
is a low-cost two-stage process that has often been used in the United States for 
gypsum remediation.1

Barium sulfate or mixed strontium/barium sulfate scale is a notoriously hard 
scale. In severe scaling cases, it may be best to remove it by mechanical means such 
as milling or jet blasting.

A good review of mechanical scale-removal methods has been published.250 A 
new mechanical method using plasma channel drilling has been patented.276 There 
is only one chemical class capable that has been consistently used in the field for 
dissolving barium sulfate scale at an appreciable rate and that is salts of diethylene-
triamine pentaacetic acid (DTPA) at pH higher than 12 (Figure 3.25).277–278 Nearly 
all good commercial barium sulfate dissolvers contain at least some DTPA with 
performance enhancers (synergists).279 However, a new class of barite dissolver has 
been reported with similar performance to DTPA-based dissolvers.280 Little infor-
mation on the structure of the dissolver has been published except to say that it is a 
diester and works at pH 5–6. The diester dissolver is also readily biodegradable and 
is, therefore, of particular use in environmentally sensitive areas. A barite dissolver 
with 41% 28-day biodegradation in the OECD306 test has also been claimed, but 
the structure was not reported.281 Crown ethers and cryptates were researched in the 
late seventies as potential barium sulfate dissolvers, but even today, they are still too 
expensive for commercial use.282–283

Returning to the well-known DTPA-based dissolvers, DTPA salts are octaden tate 
chelating ligands that can bind to Ba2+ ions via oxygen atoms on the five carboxy-
late groups as well through the lone pairs on the three nitrogen atoms to form soluble 
[Ba(DTPA)]3− species.284 Studies with noncontact atomic force microscopy suggest 
that the initial reaction is that active sites of one DTPA molecule binds to two or three 
Ba2+ cations exposed on the (001) barite surface.285 More expensive sequestrants such 
as triethylenetetraamine hexaacetic acid and DIOCTA have also been shown to be 
good dissolvers for barite scale.286–288 A method of regenerating the chelate (EDTA, 
DTPA, etc.) from the dissolved scale solution has been claimed.289 A completely dif-
ferent class of barite dissolver are ionic liquids such as trimethylamine dialuminum 
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Figure 3.25 Diethylenetriamine pentaacetic acid.
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heptachloride. These were shown to perform better than EDTA salts. However, their 
cost is, at present, considered too high for field applications.290

The reaction of barium sulfate with DTPA dissolvers is fairly slow at room tem-
perature. The dissolution rate is improved at downhole temperatures and under good 
agitation. The potassium salt of DTPA, K5DTPA appears to work better than the 
sodium salt.291 Addition of a little excess base such as sodium hydroxide can be use-
ful in case the dissolver reacts with CO2, H2S, or organic acids downhole, lowering 
the pH and rendering the dissolver less effective.292 It has been shown in labora-
tory studies that solutions containing inorganic group I alkalis (K and Na) as pH- 
controlling agents deteriorate the permeability of artificially consolidated sandstone 
cores, independent of the fact that they were chelate containing or chelate-free. Using 
basic ethylamines gave the same effect but not with methylamines.293

Several enhancers can be used to catalyze the rate of reaction of the chelate with 
barite scale. For example, carbonate294 and formate ions are commonly used today 
and oxalate ions have been used in the past.278,295 Citrate, thiosulfate, nitriloacetate, 
mercaptoacetate, hydroxyacetate, or aminoacetate ions have also been proposed as 
synergists.296 Sodium glucoheptonate has been claimed as a synergist for EDTA- or 
DTPA-based dissolvers297 as well as 2-phosphonobutane-1,2,4-tricarboxylic acid.298

None of the best-performing chelates for barite scale (i.e., DTPA and EDTA) are 
seawater biodegradable according to the OECD 306 test. However, these molecules 
can be degraded under more realistic marine conditions, that is, photodegradation 
and subsequent biodegradation of the photodegradation products.299

Strontium sulfate can be dissolved using various chelates mentioned above such 
as EDTA or HEIDA salts.300 Strontium sulfate is often found together coprecipi-
tated with barium sulfate and, hence, some DTPA is then needed in the formulation. 
Calcite-barite mixed scales also need to be dissolved with sequestrants containing 
at least some DTPA.301

The dissolution rate of scales can also be accelerated by adding a small NIA, 
such as butyl triglycol ether. The NIA appears to work by cleaning the barite surface 
free from hydrocarbons so that it can react with the dissolver, and altering its wet-
tability.302 Barium and strontium sulfate scales contain small amount of radioactive 
radium ions in the lattice called NORM (naturally occurring radioactive material) or 
LSA (low specific activity) scale. Although the radioactivity levels are low, solids or 
solutions of this scale require specific handling and disposal regulations.

3.9.3  SulfidE SCAlE REmOvAl

Chemicals that can remove iron sulfide scales include:

hydrochloric and organic acids•	
acrolein (also as a biocide)•	
tetrakishydroxymethylphosphonium salts (also biocides)•	
chelates (sequestrants)•	

Iron sulfide, the most common sulfide scale, is generally soluble in both hydrochlo-
ric acid (HCl) and organic acids such as formic acid (HCOOH).303 In general, iron 
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sulfide deposits with low sulfur content have higher solubility in acids.304 However, 
old samples of iron sulfide may have changed somewhat in their composition and 
are not so easy to dissolve in acids. In one study, pyrite and marcasite iron sulfides 
were found to be acid insoluble, pyrrhotite soluble at a low pace and mackinawite 
highly soluble.305 Maleic acid has been claimed as a ferrous sulfide dissolver giving 
minimal H2S production.306

Hydrochloric acid (HCl) will also remove zinc sulfide scales but not lead sulfide. 
HCl is corrosive and, thus, a corrosion inhibitor needs to be added to the formula-
tion. However, one study showed that film-forming corrosion inhibitors reduced the 
rate of iron sulfide dissolution.307 The same study showed that surfactants enhanced 
the dissolution rate but mutual solvent did not. However, a mutual solvent such as 
monobutyl glycol ether can be beneficial to remove hydrocarbons from the surface of 
the iron sulfide deposits.308 A H2S scavenger needs to be added to remove toxic H2S 
gas produced by the reaction of HCl with iron sulfide:309–310

 FeS + 2HCl → Fe2+ + 2Cl− + H2S

However, aldehyde-based sulfide scavengers reduced the rate of dissolution of iron 
sulfide probably due to a polymeric deposit formed on the scale surface. Triazine 
scavengers can be used instead. As HCl acid spends and the pH increases, it is pos-
sible that insoluble iron salts can be formed. Hence, an iron-control agent such as 
citric acid can be added to prevent this. However, addition of citric acid to HCl was 
shown to reduce the amount of iron sulfide dissolved. Other chelates such as EDTA 
could be used but will probably have the same effect. Aminocarboxylate chelates at 
pH 8–10 have been claimed to remove iron sulfide by themselves, although the reac-
tion is slow.311

Less corrosive acids than HCl can be used to remove sulfide scales at high temper-
atures, such as formic acid, thioglycolic acid, glyoxylic acid, and maleic acid.312–314

Acrolein (2-propenal) has also been shown to dissolve iron sulfide scales besides 
being a H2S scavenger and biocide.315–318 However, it should be noted that acrolein has 
high acute toxicity and is a suspected carcinogen, so it needs to be handled carefully.

Tetrakis hydroxymethylphosphonium salts such as the sulfate (THPS) have also 
been shown to remove iron sulfide scale both downhole and topside when coinjected 
with a small alkylamine or preferably an ammonium salt (see also Chapter 14).319–321 
These formulations can also be used in blends with a solution of a strong acid such 
as HCl.322 The iron ends up being chelated to a nitrogen-phosphorus ligand giving 
the water a red color. In one field, use of THPS with a surfactant killed the SRB, 
removed iron sulfide scale, and, surprisingly, increased well production in several 
wells by as much as 300%.323 In another field application, THPS was used to remove 
iron sulfide and control the growth of bacteria. Then, in the second-stage, formic 
acid was added to remove residual iron sulfide and some polymer residue in the 
near–well bore area.321 THPS formulation with ammonium salts can be corrosive, 
especially at high temperatures. A corrosion inhibitor such as an acetylenic alcohol 
(e.g., propargyl alcohol) or a thio-compound such as thioglycolic acid can be added 
to alleviate this problem.324–325
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It is also possible to use oxidizing agents such as chlorites/chlorine dioxide or per-
manganates for FeS removal, by conversion to soluble iron(III) ions. These oxidizing 
agents are so strong that corrosion would be expected. Chlorine dioxide has been 
used for the removal of iron sulfide sludge from water flood injection distribution 
systems and in acid stimulation treatments.326,327

3.9.4  lEAd SCAlE REmOvAl

Lead metal scale will only dissolve in very hot concentrated oxidizing acids such 
as nitric acid. However, this acid poses too much of a risk due to corrosion. It has 
been found that lead scale can be removed by treating it with a blend of acetic acid 
(CH3COOH) and hydrogen peroxide (H2O2).328 This generates the more oxidizing 
peracetic acid (CH3COOOH) in situ, which is probably the active species. Similar 
lead dissolution results were obtained using potassium permanganate (KMnO4) 
as the oxidant, but this led to MnO2 precipitates. The MnO2 precipitate could be 
removed using solutions of citric acid or other chelates.
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4 Asphaltene Control

4.1  introduction

Asphaltene deposition is a major problem both upstream and downstream in the 
petroleum industry.1–5 Asphaltenes can block reservoir pores in the near-well area 
and deposit in the production tubing and downstream pipeline and facilities.6 
Many reservoirs with crudes containing asphaltenes produce without evidence of 
asphaltene deposition until the oil stability is disturbed or destabilized. Asphaltenes 
are destabilized by gas breakout (pressure drop), condensate treatments, gas or gas 
liquid injection (CO2, NGL floods), acid stimulation, low-pH scale-inhibitor squeeze 
treatments, crude blending, and high shear or streaming potential. If this destabi-
lization occurs in a formation that contains charged minerals, the asphaltenes can 
adsorb and alter wettability and permeability.7 A high concentration of asphaltenes 
in a crude does not necessarily result in an asphaltene deposition problem. In fact, 
crudes with as much as 20% asphaltenes may present no deposition problems 
whereas crudes with asphaltene contents as low as 0.2 wt.% have been shown to 
cause asphaltene deposits.8

Asphaltenes are generally defined as the fraction of oil that is insoluble in light 
aliphatic hydrocarbons such as pentane and heptane but soluble in aromatic sol-
vents such as toluene. However, it is possible to encounter asphaltene problems in the 
field even with a crude oil that, in the laboratory, does not deposit asphaltenes from 
addition of excess heptane. Asphaltenes are considered to be among the heaviest 
components of crude oil. Related to the asphaltenes are the lower molecular weight 
maltenes or simple “resins,” which also have polycyclic polar groups but more ali-
phatic side-chain character and are heptane-soluble. Although maltenes and resins 
do not form damaging precipitates, it is generally believed that they help stabilize 
asphaltenes in solution.

Asphaltenes are organic solids consisting of various polyaromatic structures with 
aliphatic chains as well as containing heteroatoms such as sulfur, nitrogen, and oxy-
gen, and metals such as nickel, vanadium, and iron. The metals form complexes and 
impart electrical charge, which in turn may influence asphaltene deposition. The 
percentage of each element in asphaltenes varies from oil to oil but average values 
are 76–86 wt.% C, 7.3–8.5 wt.% H, 5.0–9.0 wt.% S, 0.7–1.2 wt.% O, 1.3–1.4 wt.% N, 
0.1–0.2 wt.% metals (mostly Ni, V, Fe).9–12 Various functional groups can be found 
in asphaltenes. Sulfur is present mostly as sulfidic and thiophenic groups and, to a 
lesser extent, as sulfoxide.13 Asphaltene nitrogen is virtually all-present in aromatic 
groups such as pyrrolic, and to a lesser extent, pyridinic, groups and only very occa-
sionally as tertiary amines.14 Oxygen is present mainly in carbonyl and hydroxyl/
phenolic groups. This includes ketones and carboxylic acids.
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To understand how asphaltene dispersants (ADs) and inhibitors (AIs) work, it is 
necessary to determine the structure, molecular weight, and mechanism of aggrega-
tion of asphaltenes. The structure of asphaltene monomers and the size of the aro-
matic ring system in crude oil asphaltenes has been the subject of much discussion. 
Two models have been proposed in the literature. The first is the “continental” or 
“island” model, which proposes a monomer molecular asphaltene structure with a 
molecular weight in the range of ~500–1,000 Da, with a maximum ~750 Da, con-
sisting of, on average, a core of about six to seven fused aromatic rings surrounded 
by several aliphatic groups with some heteroatoms (Figure 4.1).10,15–19 The second 
model is the “archipelago” or “rosary-type” model, which proposes that individual 
asphaltene monomers are comprised of clusters of polycondensed groups consisting 
of five to seven aromatic rings each connected by short aliphatic side chains, possibly 
containing polar heteroatom bridges (Figure 4.2).20–27 Asphaltenes are present as a 
large range of structures, so only representative structures for the two models have 
been drawn in Figures 4.1 and 4.2 to illustrate the basic differences.

NH

S

HO

S

Figure 4.1 Representative structure and typical molecular weight of a proposed “conti-
nental” asphaltene molecule.
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Figure 4.2 Representative structure of a proposed “archipelago” asphaltene molecule.
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An article published in 2008 shows that earlier conclusions that asphaltenes 
have continental structures, derived from measurements of fluorescence decay and 
depolarization kinetic times, are wrong and that therefore asphaltenes do not have 
single condensed ring core architectures.28 Another paper from 2007 claims that 
asphaltene molecular weights are bimodal with one component in the roughly mega-
dalton range and a second component in the roughly 5-kDa range.29 However, a later 
paper disputes these results and concludes that asphaltene molecular weights are 
monomodal with molecular weights as low as 750–1,000 Da, fitting the continental 
model.30 The evidence gathered in this paper is very comprehensive, being obtained 
from four molecular diffusion techniques and seven mass spectral techniques from 
many groups around the world. An example is asphaltene mass spectra recorded 
with two-step laser mass spectrometry (L2MS), in which desorption and ionization 
are decoupled and no plasma is produced.31 Thus, the presence of archipelago struc-
tures in asphaltenes now seems very unlikely.

At high pressure in the reservoir, asphaltenes exist as individual molecules or, 
at most, nanoaggregates in the crude oil. It has been assumed for about 70 years 
that polar resins, acting as surfactants, stabilize asphaltenes in solution. However, 
evidence by measuring asphaltene gravitational gradient and by high-Q ultrason-
ics and NMR diffusion measurements suggests that resins are not associated with 
asphaltenes at all in the reservoir.32 However, two key parameters that have been 
shown to control the stability of asphaltene aggregates (micelles) in a crude oil are 
the ratio of aromatics to saturates and that of resins (or maltenes) to asphaltenes. 
When these ratios decrease, asphaltene monomers or aggregates will flocculate and 
form larger aggregates that may deposit in the system.8,33–34 It is known that some 
monomeric surfactant AIs (to be discussed later), designed to act as artificial resins 
or resin enhancers, are able to keep asphaltenes dispersed. Thus, it may be that small 
asphaltene clusters or aggregates, which do not precipitate from solution, are inter-
acted by resins only at higher aggregation numbers and not in the reservoir.

When the pressure drops during oil production but remains above the bubble point, 
the density of the oil decreases and the volumes occupied by the lighter components 
(C6–) increases more rapidly than the heavier less-compressible components (C7+ 
including aromatics).35 Thus, the polarity of the oil decreases and the asphaltenes 
may begin to associate and eventually flocculate. This often occurs across the per-
forations downhole but can occur anywhere in the system, as far as the processing 
facilities.36 Thus, minimization of pressure drops during production is one way of 
controlling asphaltene deposition.

Asphaltene self-association is a topic of much discussion.37 The size of the first 
petroleum asphaltene aggregates (or micelles) appears to be about 20 Å or 8–10 
molecules of asphaltene.10,38 Others describe the first asphaltene aggregates as poly-
disperse oblate cylinders25 or loose and nonspherical, fractallike particles.39 The size 
of the aggregates is dependent on the polarity of the solvent. However, in mixtures 
with resins or synthetic ADs and AIs, these aggregates do not necessarily aggregate 
further or deposit on pipe walls. In fact, macroscopic asphaltene particles visible to 
the naked eye may be present, yet no deposition may occur.40 Asphaltene flocculation 
has been shown to be reversible indicating that addition of some resins or dispersants 
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to flocculated asphaltenes can prevent their deposition.39 However, asphaltene depo-
sition is generally considered irreversible.

It has been suggested that the aggregated asphaltene molecular structure is gov-
erned principally by the balance between the capacity of fused aromatic ring systems 
to stack via π-bonding, reducing solubility, and the steric disruption of stacking due 
to alkyl groups, increasing solubility.41–42 Other interactions of importance between 
the polar parts of asphaltene molecules will also occur such as acid-base (electron 
donor-acceptor) and hydrogen bonding interactions.43–44 One study obtained results 
that point toward the existence of alkyl layers surrounding precipitated asphaltene 
solids more in line with the “continental” model for asphaltene monomers.45 A 
micellar model for asphaltenes was proposed, which explained many of the experi-
mental determinations. The model considers the existence of alkyl moieties sur-
rounding the inner aromatic cores. In another study, the least soluble fractions of 
asphaltene appear to form aggregates that agglomerate to insoluble particles with a 
highly porous nature.46

Nonchemical techniques that have been recommended for asphaltene control 
include the following:

Avoid mixing certain crude streams. The blending of crude feedstocks is a •	
common cause for asphaltene precipitation. Light, nonasphaltic crude is a 
possible precipitant for heavier crudes.
Operate outside the AFE (asphaltene formation envelope). By manipulating •	
temperature, pressure, or flow, it may be possible to minimize the occur-
rence of conditions that promote asphaltene deposition and thus extend the 
onstream efficiency of well production and equipment.
Mechanical cleaning of the wells and surface equipment: this includes the •	
use of wireline methods and the opening up of vessels, for example, separa-
tors, and literally digging out the accumulated material.
Use higher flows to erode deposits.•	

There are two chemical methods of controlling asphaltenes in production operations, 
which will be discussed in this chapter:

prevention with ADs and AIs•	
remedial treatment with asphaltene dissolvers (solvents or deasphalted oil)•	

4.2  asPhaltene disPersants and inhiBitors

There are clearly two classes of additives that can prevent asphaltene deposition. 
They are ADs and AIs.47 AIs provide real inhibition in that they prevent the aggre-
gation of asphaltene molecules. Thus, an AI can shift the onset of asphaltene floc-
culation pressure. Hence, it can move asphaltene precipitation and subsequent 
deposition out of the wellbore to a point in the production system where it could be 
dealt with much more easily. AIs can be ranked by studying the asphaltene floccula-
tion point determined, for example, by light transmission with a fiber-optic sensor. 
ADs do not affect the asphaltene flocculation point but reduce the particle size of 
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flocculated asphaltenes keeping them in suspension in the oil.36,48–49 ADs disperse 
preformed asphaltene flocculates. Many AIs can also function as ADs, but ADs do 
not generally function as AIs.

It is well known that AIs and ADs can be oil-specific. For example, a polymeric 
AI with protic polar heads and aliphatic tails prevented asphaltene deposition in oil A 
but not in oil B.50 In contrast, a nonpolymeric amine performed well in oil B but not 
oil A. The reason for these observations was explained in terms of acid-base chem-
istry. Thus, the nonpolymeric basic amine interacts preferably with organic acids 
in oil A and not with asphaltene molecules, whereas the protic polymeric inhibitor 
does not react with acidic species in oil A and is free to interact with asphaltenes. 
Oil B was also found to contain a higher abundance of basic nitrogen species in its 
asphaltenes, which would favor interaction with the protic polymeric inhibitor.

In general, AIs are polymers (or resins) whereas ADs are usually nonpolymeric 
surfactants, although many polymeric surfactant AIs function as ADs. To prevent 
the aggregation of asphaltene molecules, AIs need several molecular points of 
inter action for good inhibition, hence, the need for polymers. If, in addition, the AI 
contains alkyl long chains these can help disperse any formed asphaltene aggregates. 
This is assumed to be occurring also with nonpolymeric ADs. The polar and/or 
aromatic headgroups in AD surfactants interact with aggregated asphaltenes and 
the long alkyl chains on the periphery of the asphaltene aggregate help change the 
polarity of the outside of the aggregate and make it more similar to and dispersible 
in the crude oil. Some studies have shown that increasing the dosage of an AD can 
actually have a detrimental effect on asphaltene aggregation, possibly because of 
self-association of the AD surfactant molecules.51

For AIs, one study on asphaltene precipitation with heptane showed that until 
you reach a critical AI concentration, you do not see any effect; at the critical con-
centration and above, however, you see a dramatic effect since it actually stops the 
asphaltenes from flocculating.52 The ADs in the same study, however, showed no 
critical concentration effects and act almost proportionately to concentration. A 
study on some commercial AIs showed that some products did not reduce the onset 
pressure for asphaltene flocculation or the average particle size.53 However, the AIs 
did reduce the cumulative particle count relative to an untreated sample. A thermo-
dynamic model has been proposed for asphaltene precipitation inhibition that treats 
asphaltenes as micelles.54 The adsorption interaction between an asphaltene and 
an amphiphile molecule (natural resin or synthetic additive) is considered the most 
important parameter for the stabilization of the asphaltene micelles in crude oil. 
The authors further proposed that the adsorption enthalpy could be used as the most 
important criterion to search for efficient amphiphiles.

At least two research groups have shown that some polymeric AIs can actually 
increase the amount of flocculated asphaltene relative to an untreated system.55–56 In 
another study, a polymeric AI actually had a negative impact on the AD test at low con-
centrations (100 ppm) for a medium weight percent asphaltene Gulf of Mexico crude, 
whereas at higher concentrations (> 500 ppm), the product was very effective.57

Since AIs can prevent asphaltene flocculation, they are best applied upstream of 
the bubble-point pressure, which is commonly downhole. ADs may be used further 
downstream, for example, where the AI treatment may not have been sufficient and 
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the flocculated asphaltenes need dispersing to prevent them from depositing. It is 
general field practice to use either an AI or an AD, but not both, as an AI often 
has dispersant properties of its own. An AI is usually injected as a continual or 
batch treatment downhole either through a capillary string or gas lift system or can 
be injected further downstream such as at the wellhead. Treatment levels of good 
commercial AIs are often in the range of 20–100 ppm. A few reports of squeeze 
treatments with AIs into the near-wellbore have been published, but this deployment 
technique is not very common.58–60 In this case, the key is getting the oil-soluble 
AI to have good adsorption to the formation rock and not be produced back too 
quickly. Otherwise, treatment lifetimes become uneconomically short. A laboratory 
study highlighted that selection of the best-performing AI will not necessarily be the 
optimum choice for squeezing if it has poor rock adsorption.61 Today, squeeze treat-
ment lifetimes of perhaps 2–6 months are possible depending on the severity of the 
asphaltene problem. To aid adsorption of the AI onto the rock, very polar groups such 
as carboxylic acids can be introduced into the polymer. Phosphonate groups could 
also be introduced into AI polymers, as they are known to adsorb more strongly than 
carboxylic acid groups.

Use of live and dead oils in testing AIs and ADs can give different results. Tests 
with dead oils can be useful for rough screening of classes of ADs and AIs58,62–68 
but high-pressure live oil deposition tests are recommended, either in pressure 
cells or pressure-drop pipe-loops.8,53,69–76 Some laboratory studies used precipitated 
asphaltenes that had been redissolved in an aromatic solvent. These solutions will 
lack the natural resins, meaning AIs and ADs that depend on the presence of natural 
resins for optimum performance will not perform as well. One study showed that 
tests using live oils that had not been depressurized needed a lower concentration of 
AI for asphaltene stabilization than using standard laboratory precipitation methods 
with dead oils.71

In this review on asphaltene control additives, monomeric surfactants that gener-
ally perform as ADs will be discussed first. Polymers that are AIs, many of which 
are also ADs, are discussed afterward. Polymers are most often used commercially 
both as AIs and ADs, although some monomeric surfactants have been used in the 
field with some success. One class of commercial AI polymer is used in the field both 
downhole and topside.57,77 They can act as synergists with demulsifiers for oil-water 
separation by removing the asphaltenes from the oil-water interface. They are men-
tioned here in this section because no structural details of the polymers are available 
except that the polymers contain only carbon, hydrogen, and oxygen. The polymers 
have also been formulated with biodegradable solvents to give them a better envi-
ronmental profile.78

4.3  low molecular weight, nonPolymeric 
asPhaltene disPersants

The various classes of low molecular weight, monomeric ADs can be summarized 
as follows:
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very low polarity alkylaromatics•	
alkylaryl sulfonic acids•	
phosphoric esters and phosphonocarboxylic acids•	
sarcosinates•	
ethercarboxylic acids•	
aminoalkylenecarboxylic acids•	
alkylphenols and their ethoxylates•	
imidazolines and alkylamide-imidazolines•	
alkylsuccinimides•	
alkylpyrrolidones•	
fatty acid amides and their ethoxylates•	
fatty esters of polyhydric alcohols•	
ion-pair salts of imines and organic acids•	
ionic liquids•	

Alkylaryl sulfonic acids, such as dodecylbenzenesulfonic acid (DDBSA), have been 
used for many years in the field as ADs, both upstream and in refineries. Other 
surfactants such as alkylphenols (which are endocrine disrupters) and some amide/
imide products have also been used in the field.

4.3.1  lOw-POlARity nOnPOlymERiC AROmAtiC AmPhiPhilES

Of all the classes of asphaltene control additives that will be discussed, we begin 
with the least polar. Hexadecylnaphthalene and hexadecylnapthoxide have been 
claimed as AIs rather than ADs (Figure 4.3).79–80 It is claimed that these chemicals 
prevent precipitation of asphaltenes in the first place, rather than involving dispersion 
of the precipitate.

These low-polarity molecules will interact with asphaltenes by π–π interactions 
between the aromatic rings of naphthalene and the asphaltene monomers as well 
as via the polar groups. This prevents the asphaltene monomers from stacking and 
aggregating while the aliphatic tails of the additives will interact with the hydrocar-
bon solvent, with which they are compatible. The two-ring naphthyl group appears to 
give better π–π interactions than a single phenyl group. However, a more polar head 
group than naphthyl may give even better interactions with asphaltene monomers. 

X

R

Figure 4.3 Naphthalene-based AIs. R = long alkyl chain and X is optionally a spacer 
group such as ether, ester, or amide group.
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For example, one group measured neutron and X-ray scattering intensities from 
asphaltenic aggregates in several solvents. They found that aggregate sizes were two 
to four times smaller in high-polarity solvents such as pyridine and tetrahydrofuran 
than in benzene.81 Another group found that mixtures of hydrocarbon aromatic sol-
vents (e.g., toluene, xylene) and quinoline or alkylquinoline were better asphaltene 
dissolvers than hydrocarbon aromatic solvents alone.82 Dimethyl formamide and 
N-methyl pyrrolidone (NMP) are also better asphaltene dissolvers than aromatic sol-
vents.50 This means that asphaltene control additives with more polar head groups 
such as pyridinyl, quinolinyl, tetrahydrofuryl, and dimethylamidyl should interact 
better with asphaltenes than less polar head groups such as phenyl or naphthyl. This 
is further supported by molecular simulation studies. Simulations showed that for 
asphaltene aggregates in quinoline, some stacking interactions could be disrupted, 
while in 1-methylnaphthalene, it was not observed.43 Thus, hexadecylnaphthalene 
and hexadecylnapthoxide may not have a polar-enough head group for optimum 
asphaltene interaction.

4.3.2  SulfOniC ACid-BASEd nOnPOlymERiC SuRfACtAnt AdS

One way to make the aromatic head group of the ADs (or AIs) in Section 4.3.1 more 
polar is to add a sulfonic acid group. The most common AD in this class is DDBSA, 
which is cheap and has been used commercially with some success (Figure 4.4).62,83 
Longer-chain alkylarylsulfonic acids have also been patented.84–85

Several research groups have investigated the asphaltene-dispersing power of 
DDBSA as well as its asphaltene solubilizing power.86–90 For example, it was found 
that dodecylbenzene sulfonic acid is a flocculant at low concentration but a disper-
sant at higher concentrations.91 Another group examined the properties of a number 
of monomeric additives.92 They found that increasing the polarity on the headgroup 
gave better asphaltene stabilization through stronger acid-base interactions. Thus, 
the performance of dodecylbenzene sulfonic acid as an AD was better than nonyl-
phenol (NP), which in turn was better than nonylbenzene. Dodecylbenzene sulfonic 
acid was also shown by Fourier transform infrared (FTIR) spectroscopy to inter-
act via hydrogen bonds with asphaltenes. Besides acid-base interactions, this group 
also proposed that the sulfonic acid group could donate its proton to C=C bonds 
in asphaltenes.93 However, they noted that using too many polar groups, or one group 
that is too polar, can reduce the solubility of the surfactant in oil, rendering it inef-
fective as an AD. To support this claim, another group found that the sodium salt 
of dodecylbenzene sulfonic acid, which has a very polar ionic head group, was a 
fairly poor AD.94 Other workers have found similar results.95 For example, in order 
of decreasing performance as an AD, it was found that dodecyl resorcinol > dodecyl-
benzene sulfonic acid > nonyl phenol > toluene. The workers proposed that the effect 

SO3H

Figure 4.4 Structure of the 4-isomer of DDBSA.
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of the surfactants is due to the interaction between the acidic head of these molecules 
and the asphaltene. The mechanism of inhibition was explained in terms of a micel-
lization model.96–98

Another study gave results showing that a more polar group attached to an aryl 
head performs better as an AD.99 In order of decreasing performance as an AD, 
it was found that dodecylbenzene sulfonic > nonyl phenol > dodecylphenol bis-
ethoxylate > nonylbenzene. The only anomaly in the order is that dodecylphenol 
bis-ethoxylate performed worse than nonyl phenol even though it has a more polar 
head group (higher HLB value). This may suggest that simple alcohols or alcohol 
polyethoxylates are not good head groups for ADs as they give poor interactions with 
polar groups in asphaltenes. The patent literature seems to bear this out as there are 
no good examples of any class of polyethoxylate surfactant claimed as ADs. The rea-
son is that the highly acidic proton in a sulfonic acid group can hydrogen-bond better 
to amine residues in asphaltenes than a proton in a lone hydroxyl group. The same 
group also determined that the above amphiphiles adsorb by a two-step adsorption 
mechanism (LS or S type) onto asphaltene particles.99 The first step is adsorption of 
the amphiphile onto asphaltene, the second step is adsorption of amphiphiles onto 
adsorbed amphiphiles forming a double layer.

Related sulfonic acid-based improvements on dodecylbenzene sulfonic acid as 
an AD appear to have gone in two directions. In one patent, the aryl head group 
has been removed leaving only aliphatic alkyl chains directly bonded to the sul-
fonate. However, the inventors have claimed only the use of secondary alkane-
sulfonic acids having chain lengths of 8–22 carbons, preferably 11–18 carbons, as 
ADs. (Figure 4.5).100 The alkanesulfonic acid is preferably formulated as a solu-
tion or microemulsion and can further contain optional alkyl-formaldehyde resin, 
oxyalkylated amines, or wax-dispersing agents. The alkanesulfonic acids provide 
reduced precipitate amounts, slow the rate of precipitate formation, form a more 
finely divided precipitate, and reduce the tendency of the precipitate to be depos-
ited on surfaces. The only example of a secondary alkanesulfonic acid tested was 
not compared with any other AD. The reason why secondary rather than primary 
alkanesulfonic acids are claimed may be because two alkyl tails give better interac-
tion with the hydrocarbon solvent.

This is also seen in a second patented improvement on DDBSA, which is to use a 
branched alkyl polyaromatic sulfonic acid. Preferred structures are sulfonated alkyl-
naphthalenes with at least one branch in the tail and preferably 30+ carbons in the 
tail.101–103 An example of a good AD in this class with C15 and iso-C15 tails is given 
in Figure 4.6. One sulfonic acid group was determined to be the most effective head 
attached to the aromatic structure, better than carboxylic acid, hydroxyl, and amine 
groups. A straight-chain paraffinic tail was found to be ineffective above 16 carbons. 
This was because of decreased solubility in the oil caused by crystallization with 

SO3H

Figure 4.5 Structure of a preferred secondary alkanesulfonic acid.
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other AD tails and with waxes in the oil. Further, if the aromatic part of the AD 
was one ring or two connected rings (biphenyl), the performance was worse than 
two fused-ring systems (e.g., naphthalene). In addition, the researchers found that 
n-alkylaryl sulfonic acids, such as DDBSA, lose their ability to disperse asphaltenes 
with time. Both of these problems were solved by using two branched tails of vary-
ing length. As a result, the effectiveness of the dispersant increased with total tail 
length, well above 30 carbons, and it remained effective with time. These sulfonated 
alkylnaphthalenes appear to be the best sulfonic acid-based monomeric surfactant 
ADs investigated.

4.3.3  OthER nOnPOlymERiC SuRfACtAnt AdS with ACidiC hEAd gROuPS

There are several further studies on the use of AD surfactants with acidic head 
groups that are not sulfonic acid. One group studied small alkylcarboxylic acid 
amphiphiles as well as alkylamines.104 They proposed that the effectiveness of 
an amphiphile in stabilizing asphaltenes is dependent on its ability to adsorb onto 
the asphaltene surface. For example, they found that hexylbenzoic acid adsorbed 
better to asphaltene surfaces than hexylamine. However, neither additive adsorbed 
as well as didocecylbenzene sulfonic acid and DDBSA. The poor results with 
alkylamines, which are basic, compared with acid groups such as sulfonic or car-
boxylic acid suggest that hydrogen bonding from an acid group in an amphiphile 
to basic sites in an asphaltene molecule (e.g., amines, hydroxyl groups) is more 
pronounced than that of amine groups in amphiphiles bonding to acidic protons 
in asphaltene molecules. This is also reflected in the relatively lower amount of 
 oxygen-containing groups (hydroxyl, carboxyl) in asphaltenes compared with 
nitrogen groups (amines).

The use of a highly acidic group in the head of an AD amphiphile, such as sulfonic 
or carboxylic acid seems to have further preference in the patent literature. Although 
ordinary fatty acids have not been claimed in patents, claims have been made for 
both ether carboxylic acids and phosphoric esters as ADs (Figure 4.7). Both contain 
highly acidic protons, which can form hydrogen bonds to amines or hydroxyl groups 
in the asphaltenes or interact with metal ions destabilizing the asphaltene aggrega-
tion process. It is not clear why the introduction of a polyether (polyalkoxylate) chain 
into ether carboxylic acids is an advantage over a simple fatty acid. The polyether 
chain makes the head of the amphiphile more polar and may possibly interact via the 
oxygen atoms with either acidic protons or metals ions.105

Like the ether carboxylic acids, most of the examples of phosphoric esters inves-
tigated do not have aromatic groups that could aid interaction via π–π overlap with 

SO3H

Figure 4.6. A preferred branched alkyl (n-C15 and iso-C15) naphthalene sulfonic acid 
AD.
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asphaltenes.106–107 A preferred nonaromatic example is isooctyl acid phosphate. 
A blend with dodecylbenzene sulfonic acid gave an improved performance as an 
AD over the phosphoric acid ester alone.108 One group reported results showing that 
phosphoric esters of alkylphenylethoxylates blended with fatty acid diethanolamides 
performed well as ADs.109 Besides hydrogen bonding from the phosphoric groups 
to asphaltenes, the phenyl group in the phosphoric ester of alkylphenylethoxylates 
can also interact via π–π overlap with asphaltenes (Figure 4.8). Synergistic blends of 
phosphoric esters with carboxylic acids or carboxylic acid derivatives have also been 
patented.110 These apparently performed better than nonylphenolformaldehyde resins, 
which will be discussed later. Another patent claims phosphonocarboxylic acid esters 
as ADs, made from esterification of phosphono or phosphino acids such as phospho-
nosuccinic acid, with alcohols with a C6–25 alkyl, alkylaryl, or alkenyl group.111

The asphaltene-dispersing power of natural naphthenic acids as well as some syn-
thetic ones has been examined using near infrared spectroscopy.112 It was found that 
naphthenic acids adsorb to asphaltenes and disperse them, but the performance was 
lower than a commercial AD based on fatty acids and amines. The best synthetic 
naphthenic acid was decahydro-1-naphthalenepentanoic acid (Figure 4.9). The rings 

O
O

O
R

R1

R2

COOHn m O
P

OH
R

O

OH

Figure 4.7 Structures of ether carboxylic acids and phosphoric monoesters (R = alkyl or 
alkylaryl and R1 and R2 are H or Me).

O
O

P

O

OH

OHn

Figure 4.8 A preferred AD class of phosphoric ester of alkylphenylethoxylates.

COOH

Figure 4.9 The structure of a synthetic naphthenic acid, decahydro 1-naphthalenepen-
tanoic acid.
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of this naphthenic acid are not aromatic and therefore cannot interact by π–π overlap 
with asphaltene molecules. For this reason, it is suggested that alkylphenylcarboxylic 
acids might perform better than naphthenic acids.

Other classes of ADs containing carboxylic acids in the head of the amphiphile 
have also been patented. For example, sarcosinate surfactants have been shown to be 
useful ADs in laboratory tests.113 This class has the structure shown in Figure 4.10. 
This class can form hydrogen bonds to asphaltenes via both the amide and carbox-
ylic acid groups.

Another class of amphiphile-containing acidic head groups that have been 
claimed as ADs are the reaction products of amines and unsaturated organic acids 
(Figure 4.11).114

A preferred example of an AD in this class is the reaction product of oleyl amine 
with acrylic acid in a 1:2 ratio. The structure should be a Michael addition product 
as shown in Figure 4.12. It may exist as a zwitterion on contact with water but this is 
unlikely to occur in a nonpolar solvent such as a hydrocarbon.

R1 N

O

R2

COOH

Figure 4.10 The structure of sarcosinate ADs: R1 and R2 are preferably long alkyl or 
alkenyl chains.

N
R2

COOH

R3

R2

R1
N

COOH

R3

R1

HOOC
R3

Figure 4.11 General structures of the reaction product of amines and unsaturated organic 
acids.

C18H35 N

COOH

COOH
C18H35 N+

COO–

COOH

H

Figure 4.12 The tautomeric structure of the reaction product of oleylamine with acrylic 
acid in a 1:2 ratio.
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4.3.4  AmidE And imidE nOnPOlymERiC SuRfACtAnt AdS

A number of nonionic amphiphiles with amide or imide groups have been claimed as 
ADs, some of which are in commercial use. The simplest amide classes that have been 
investigated contain a single amide group and no other functionality. They include 
long-chain N,N-dialkylamides and alkylpyrrolidones (Figure 4.13).50,115 The alkyl-
pyrrolidones contain a 5-ring resembling the pyrrolic groups found in asphaltenes.

Polyisobutylene succinimide, which can be considered a small amphiphile, has 
also been claimed as an AD.116 This molecule contains an imide head group as shown 
in Figure 4.14, which can form hydrogen bonds to asphaltenes via either carbonyl 
group. The authors of the patent also claim that blends of polyisobutylene succini-
mide with other amphiphiles can repeptize precipitated asphaltenes. Related to this 
is another AD patent claiming the reaction product of an amine with polyisobutylene 
succinic anhydride (which has C50–C70 carbons in the chain).117 The amines can 
be fatty amines, tertiary alkylamines, or polyamines such as diethylenetriamine. 
The reaction product should contain both carboxyl and amide groups for best effect 
plus one or more alkyl tails. These additives are also claimed to reduce the viscosity 
of crudes by preventing asphaltene agglomeration.118

Experiments have been carried out showing that blends of fatty acid diethanol-
amides and phosphoric esters of alkylphenylethoxylates are good ADs.109 Phosphoric 
esters were discussed earlier in this section. The structure of the diethanolamides is 
given in Figure 4.15. This class has three functional groups that can form hydrogen 
bonds to asphaltenes.

O

Me

Me
R N N

O

R

Figure 4.13 The structures of N,N-dialkylamides and alkylpyrrolidone ADs. R is prefer-
ably greater than eight carbons.

N

O

R

O

Ŕ

Figure 4.14 The general structure of alkylsuccinimides such as polyisobutylene 
succinimide.
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More complicated amide products have been claimed as ADs, blended with 
alkylaryl sulfonic acids and emulsifiers.119 These are derived from the condensa-
tion of a fatty acid with a polyamine of formula H2N-[(CH2)n-NH]m-R where n = 
1–4, m = 1–6, and R = H or alkyl. A preferred example of a polyamine is dieth-
ylenetriamine. Reaction of this triamine with 2 mol of fatty acid such as tall acid 
gives  acyclic amides as well as cyclic imidazoline products as shown in Figure 4.16. 
Again, we have cyclic structures that resemble pyrrolic groups in asphaltenes. The 
ring imine and amide groups in these ADs can hydrogen-bond to acidic protons in 
the asphaltenes, while there may also be some π–π overlap between the unsaturated 
imidazoline ring and aromatic rings in the asphaltenes. Similar condensation prod-
ucts, blended with solvents such as NMP, N-ethyl pyrrolidone, dimethylformamide, 
and aromatics, have also been patented.120 These blends are claimed to both inhibit 
and dissolve asphaltenes.

AD blends of two components, one of which is an amide-based surfactant, have 
also been patented.121 The amide surfactant results from the condensation of a linear 
N-alkyl polyamine with a cyclic anhydride. Examples are the reaction product of maleic 
anhydride and N-oleyl-diamino-1,3-propane or the reaction product of phthalic anhy-
dride and N-stearyl methyl-1-diamino-1,3-propane (Figure 4.17). Both structures con-
tain 5-rings and imide groups, which may adsorb by acid-base interactions to pyrrolic 
groups in asphaltenes. The phthalimide structure contains, additionally, an aromatic 
ring, which can adsorb via π–π interactions with aromatic rings in the asphaltenes. 
The second component in the blend results from the reaction of an ethoxylated amine 
with a carboxylic acid of eight to 30 carbons. An example is the compound obtained 
by diesterification of triethanolamine by a tallow fatty acid in a molecular ratio of 1:2. 
These blends are claimed to delay the flocculation of asphaltenes in fuels.

O
OH

OH
NR

Figure 4.15 The structure of fatty acid diethanolamides.

N
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HN

O

R
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NH
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R

Figure 4.16 Possible products from the condensation of diethylenetriamine with 2 mol of 
a fatty acid. R is preferably C16–18.
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4.3.5  AlkylPhEnOlS And RElAtEd AdS

Alkylphenols have been sold commercially as ADs for downstream applications, 
although they are known marine endocrine disrupters and cannot be used on envi-
ronmental grounds in certain regions (see Chapter 1). Several groups have inves-
tigated monomeric alkylphenols as ADs in which the mildly acidic phenolic head 
group is assumed to resemble part of the asphaltene structure (Figure 4.18). Some 
of the results with monomeric alkylphenols were compared with alkylaryl sulfonic 
acids in Section 4.3.2. One study found that dodecylbenzene sulfonic acid and its 
sodium salt performed better than several less polar alkylphenols, where the alkyl 
chain has 2–12 carbon atoms.122 The performance of the alkylphenols increased with 
increasing size of the alkyl tail, dodecylphenol (DDP) being the best AD in this 
class. Another group also carried out studies on alkylphenols with varying aliphatic 
chain lengths.88–89 It was proposed that surfactants with short aliphatic chain lengths 
cannot peptize asphaltenes by forming a steric stabilization layer but get imbedded 
in or coprecipitate with the asphaltene. Conversely, too long an alkyl chain may lead 
to a poorer interaction of the surfactant with asphaltene.

Studies on the stabilization of asphaltenes using NP, DDP, and a nonylphenol-
ethoxylate (NPE) have been carried out.123 In order of decreasing performance as an 
AI, it was found that NP > DDP > NPE. Thus, in this study, making the head of the 
amphiphile more polar by ethoxylation gave a worse performance than the unethoxy-
lated alkylphenols, although conflicting results have also been published.95 Another 
group carried out studies on the asphaltene-peptizing ability of NPEs and found that 
they performed better than aliphatic amines124 and alcohols.125 Clearly, the use of a 
surfactant with an aromatic ring was better than using an aliphatic-based surfactant. 
NP also performed better than NPE phosphoric ester.

OHR O OHR

n

Figure 4.18 Structure of 4-alkylphenols and 4-alkylphenyl ethoxylates.

N

O

O

N
H

oleyl

N

O

O

N
stearyl

Me

Figure 4.17 The structures of the reaction product of maleic anhydride and N-oleyl-
diamino-1,3-propane (left) or the reaction product of phthalic anhydride and N-stearyl 
methyl-1-diamino-1,3-propane (right).
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A study on the stabilization of asphaltenes by phenolic compounds extracted from 
cashew-nut shell liquid (CNSL) has been carried out.56 The liquid extracted from 
cashew-nut shell is composed almost completely of phenolic compounds containing 
15 carbon chains with variable unsaturation degrees, meta-substituted in the aro-
matic ring. The results showed that CNSL and cardanol, with C15 alkyl chains, have 
a performance comparable to NP as asphaltene-stabilizing agents.

Alkylphenols have activity as ADs as they contain a π-interacting aromatic ring 
and a polar hydrogen bonding group, phenol. These two features have been incorpo-
rated into a new class of single-headed amphiphiles that inhibited as well as helped 
dissolve asphaltenes.126 These amphiphiles are ether carboxylic phenyl esters incor-
porating a phenyl ring with a polar chain made up of an ester group and one or more 
alkoxylate chains (Figure 4.19).

4.3.6  iOn-PAiR SuRfACtAnt AdS

Oil-soluble ion-pair surfactants were first claimed as ADs in the early nineties. 
Besides surfactant-asphaltene interaction discussed earlier, it is possible that these 
ionic ADs selectively bind to metals in the asphaltenes, improving their adsorption. 
An example is a mixture of an alkylarylsulfonic acid and an alkylimidazoline. The 
acid proton is lost to the imidazoline and an anion-cation ion pair is formed.127 Several 
patent applications have been filed on other surfactant ion pairs as ADs. For example, 
oil-soluble salt reaction products of amines and organic acids with the preferred for-
mula R1R2R3N+R4COO− have been claimed, where the molecule may also contain a 
further polar group 2–10 carbons away from the carboxylate group.128 Examples are 
the reaction products of fatty amines with 2-hydroxybutyric acid or salicylic acid 
(Figure 4.20). These salts are oil-soluble where they will exist as ion pairs.

R
O

O

R1

n

O

m

R2

Figure 4.19 Preferred structures of ether carboxylic phenyl esters as ADs. R = H or CH3, 
R2 = C1–4 alkyl.

COO–

OH

C18H35

+HR2N +HR2N

OH

COO–

C18H35

Figure 4.20 The structures of ion pair salt products of alkylamines and organic 
hydroxyacids.
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In a related patent from the same author, the reaction product of an imine and an 
organic acid is claimed as an AD.129 A preferred structure is a salt formed from the 
reaction of long-chain tertiary alkyl methyleneimines and a carboxylic acid such as 
glycolic acid (Figure 4.21). These salts are also oil-soluble and also probably exist 
as ion pairs.

Other ion pair ADs are formed between long-chain unsaturated alkylimidazolines 
and a C2–10 organic acid having at least one hydroxy group or at least one additional 
carboxyl group such as ascorbic or oxalic acid.130 Blends of alkylimidazolines with 
EDTA-tertiary alkyl primary amine complex and 10–80% of an alkylbis(2-hydroxy-
ethyl)amide have also been claimed.131

4.3.7  miSCEllAnEOuS nOnPOlymERiC AdS

Asphaltene precipitation studies have been carried out on a range of surfactant ADs 
including ionic liquids with cationic surfactants.122 For example, N-butylisoquinolin-
ium cations gave almost as good a performance as the p-alkylbenzenesulfonic acids. 
Long alkyl chains on the cationic surfactant worsened the performance. The best 
ionic liquids have an anion with high charge density, in connection with cations with 
sufficiently low charge densities. The mechanism proposed is that the ionic liquids 
can effectively prevent asphaltene precipitation from the reservoir oils by breaking 
the asphaltene associations, which are due to the local nonneutrality of the charge 
densities of the cation and the anion.

AD experiments with esters of polyhydric alcohols with carboxylic acids have been 
reported, although claims also include ethers formed from reacting glycidyl ethers or 
epoxides with polyhydric alcohols, and esters formed by reacting glycidyl ethers 
or epoxides with carboxylic acids.132 Preferred AD examples are decaglycerol tet-
raoleate and sorbitan monooleate, which are used in some emulsifier formulations 
(Figure 4.22). Both molecules contain several hydroxyl groups in the polar head 
making them much more polar than alkylphenols and better ADs.

A range of nonionic amphiphiles for stabilizing asphaltenes in the process of 
making fuel oils has been claimed.133 For example, in asphaltene precipitation tests, 
a blend of an alkylglycol, o-dichlorobenzene and naphtha solvent was found to give 
less precipitate than the well-known dodecylbenzene sulfonic acid and phosphoric 
esters. Another blend that performed well was tetrahydroxy-p-benzoquinone dis-
solved in a glycol or methanol. The patent also claims that these additive blends 
repeptize precipitated asphaltenes. Oxazoline derivatives of polyalkyl or polyalkenyl 
N-hydroxalkyl succinimides have also been claimed as ADs.134

COO– N+

R
H

CH2OH

COO–HO N+

R
H

CH2

Figure 4.21 Structures of ion-pair salt reaction products of imines and organic acids.
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4.4  oligomeric (resinous) and Polymeric ais

Most commercial AIs for upstream deployment appear to be based on polymeric sur-
factants. Some of them also function as ADs.66–67,70,135–136 Polymeric surfactant AIs 
contain many polar groups each of which can in theory interact with an asphaltene 
monomer. Strong binding between the AI and asphaltene molecules is assumed to be 
one requisite for good performance.137 This section will review various categories of 
oligomeric (2–12 monomer units) and polymeric (>12 monomer units) AIs. Most AI 
treatments are continuous injection although there have been reports of AI squeeze 
treatments.58–60 For squeeze purposes, the presence of acid groups in the AI, which 
can bind well to the rock, will increase the amount of AI that is adsorbed. This 
will give the AI squeeze treatment a longer lifetime. Typical acid groups used in 
polymeric AIs are often carboxylic acid groups. This functionality cannot easily be 
introduced into all classes of AIs.

The various classes of polymeric surfactant AIs or ADs can be summarized as 
follows:

alkylphenol/aldehyde resins and similar sulfonated resins•	
polyolefin esters, amides, or imides with alkyl, alkylenephenyl, or alkylene-•	
pyridyl functional groups
alkenyl/vinyl pyrrolidone copolymers•	
graft polymers of polyolefins with maleic anhydride or vinyl imidazole•	
hyperbranched polyester amides•	
lignosulfonates•	
polyalkoxylated asphaltenes•	
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Figure 4.22 The structures of sorbitan monooleate (A) and polyglycerol polyoleates (B).
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4.4.1  AlkylPhEnOl-AldEhydE RESin OligOmERS

There are several reports on the efficiency of polyalkylphenol resins as AIs. The per-
formance of these additives appears to depend on the polymerization procedure for 
making the additives. One of the classes of polymeric AIs that have been most investi-
gated and finds regular use in the oil industry is the alkylphenol-aldehyde resin oligo-
mers. Reaction of an alkylphenol with, for example, formaldehyde, gives an oligomer 
of usually 2–12 alkyphenol groups connected by methylene bridges (Figure 4.23). 
Polyalkoxylates of these oligomers are commonly used as demulsifiers.

Adsorption isotherms on asphaltenes with NP, nonylphenolic formaldehyde resin 
(NPR), and native resins (NRs) have been reported.138 In increasing order of effec-
tiveness as AIs, it was found that NP < NR < NPR. The adsorption isotherms fitted an 
LS (Langmuir-S) shape that was explained using a two-step adsorption mechanism. 
In the first step, the surfactants are adsorbed individually on the asphaltene surface. 
In the second, the interactions between adsorbed surfactants become predominant 
and the formation of amphiphile aggregates in the surface begins. In an experimen-
tal theoretical approach to the activity of amphiphiles as asphaltene stabilizers, it 
was found that there is a balance between the polarizability of the amphiphile and 
its dipole moment on its ability to adsorb to asphaltenes.139 If the amphiphile is too 
polar, then it makes it insoluble also.

Studies on the stabilization of asphaltenes using cardanol and polycardanol have 
been reported56 (it should be noted that the polycardanol was made by cationic 
polymerization of the monomer, usually, more alkylphenol resins are polymerized 
with aldehydes). The alkyl group of 15 carbons is meta to the phenolic group in car-
danol, whereas the alkyl group in NPE is para to the phenolic group. It was found 
that polycardanol was not only less efficient than its monomer, but, instead, enhanced 
the precipitation of asphaltenes. This effect was ascribed to the large number of phe-
nol groups present in the polymer that may flocculate the asphaltene particles or 
increase its polarity, reducing its solubility in aliphatic solvents. Thus, polycardanol 
either interacts with several asphaltene molecules aggregating them or the hydroxyl 
groups in the polycardanol stick out into the solvent raising the polarity and lower-
ing the solubility of the adsorbed asphaltenes. In contrast, it has been shown that 
polycardanol, made by the condensation of formaldehyde with cardanol, gave good 

R

OH

CH2

n

Figure 4.23 A typical structure of an alkylphenol formaldehyde resin AI where R = 
C3–24 and n = 2–12.
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results as an AI.140 Examples of possible structures of cardanol-aldehyde resins are 
given in Figure 4.24.

Several improvements on the basic alkylphenol-formaldehyde resin AIs have been 
patented. For example, it has been found that sulfonated alkyl phenol formaldehyde 
resins performed better than nonsulfonated resins.141–142 Interestingly, the structure of 
these resins resembles dodecylbenzene sulfonic acid units joined together. Thus, the 
polymers have several groups for acid-base and hydrogen bonding interactions with 
asphaltenes and several alkyl tails, which are compatible with the hydrocarbon solvent. 
Another group found that alkylphenol formaldehyde resins treated with polyamines 
such as triethylenetetraamine gave better performance in caustic-treated petroleum 
crude oil than DDBSA and esters of polyolefin/maleic anhydride copolymers.143

There are also several patents on the use of a second additive that can act syner-
gistically with alkylphenol formaldehyde resins to increase the AI performance. For 
example, it has been found that the performance of alkylphenolformaldehyde resins 
could be improved synergistically by the addition of oxyalkylated amines such as 
ethoxylated triethylenetetraamine.144 It has also been found that alkylphenol form-
aldehyde resins in combination with hydrophilic-lipophilic vinylic polymers gave 
improved results as AIs compared with the resins alone.145–146 Other synergy pat-
ents mention specific hydrophilic-lipophilic vinylic polymers as amphiphilic ester 
copolymers such as lauryl methacrylate-hydroxyethylmethacrylate copolymer. 
Ester copolymers will be discussed in the next section.147–149

There are a few further studies that have compared the performance as ADs 
of alkylphenol formaldehyde resins and monomeric amphiphiles and other poly-
meric amphiphiles. For example, it was found that synergistic blends of phosphoric 
esters with ether carboxylic acids (discussed earlier) performed better than nonyl-
phenolformaldehyde resins.110 Another study found that dodecylphenolformal-
dehyde resin (DPR, MW = 200–2,000) was a better peptizer of asphaltenes than 
octadecene-maleic anhydride copolymer (POM, MW = 10,000; Figure 4.25).150 
The molecular weight of the amphiphilic polymer was considered critical. Too high 
a molecular weight could lead to several polymer-asphaltene particle interactions 
leading to unwanted coagulation. POM was found to associate more strongly with 
asphaltenes than DPR and monomeric amphiphiles, indicating that POM should be 
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Figure 4.24 Two possible structures found in cardanol-aldehyde resins where R1 is very 
variable and R2 has approximately 15 carbons as a mix of at least four isomers.
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the best inhibitor. Hydrogen bonding between the polymers and asphaltenes was 
considered the primary mechanism for the association. The authors believe POM’s 
anhydride groups give better hydrogen bonding to asphaltenes than DPR’s phenolic 
hydroxy groups. The possibility of π–π interactions between DPR aromatic rings 
and asphaltenes was not considered. In contrast to this study, another group found 
that POM actually increased the amount of asphaltene flocculation relative to an 
untreated sample.55 It was concluded from FTIR studies that the anhydride group 
was hydrogen bonding to OH groups in the asphaltenes. The contrasting results with 
POM are hard to understand, although it should be noted that in the latter study, they 
used fuel oil, whereas the first study used crude oil. The latter results can also be 
rationalized if the asphaltene sample had already aggregated to some degree before 
chemical treatment. The aggregates will have many aliphatic alkyl groups sticking 
out into the solvent. The polymer, which cannot penetrate to the polar part of the 
asphaltene aggregates, has also many long aliphatic alkyl groups. These groups can 
interact with several asphaltene aggregates with the polar anhydride groups facing 
out into the hydrocarbon solvent, causing them to flocculate to larger particles. Thus, 
the polar anhydride groups are facing out into the solvent and not the alkyl groups. 
In line with the above study in crude oil, it was found that C28 α-olefin (octacocene)/
maleic anhydride copolymer was an excellent dispersant for asphaltenes in hydro-
carbon refinery streams.151

4.4.2  POlyEStER And POlyAmidE/imidE AiS

Polyester or polyamide/imide-based AIs have been used for some time in com-
mercial applications by several service companies.70 The ester groups in polyes-
ters and the amide groups in polyamides are usually provided by reactions with 
acrylic and/or maleic anhydride monomers (vinyl alkanoates could also be used). 
Unesterified monomers of this type also allow for incorporation of free carboxylic 
groups for better rock adsorption in squeeze applications. Typical ester examples are 
(meth)acrylate copolymers, styrene/maleate ester, and alkene,maleate ester copoly-
mers shown in Figure 4.26. The ester groups can be exchanged with amide groups to 
make polyamides. Olefin-maleic copolymers can be reacted with amines to provide 
succinimide groups (Figure 4.27). Such polymers are commercially available AIs.

A copolymer made from a lipophilic monomer, as the major component, and 
a hydrophilic monomer has been claimed as a useful AI. An example is lauryl 
 meth acrylate/hydroxyethylmethacrylate copolymer. The use of a hydrophilic 

O
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n

Figure 4.25 The structure of alkene-maleic anhydride copolymer AIs. R is preferably a 
long alkyl group.
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monomer in the copolymer will raise the polarity of the end of the pendant groups 
giving stronger hydrogen bonding interactions with asphaltene particles.147,149,152 In 
line with this rationalization, the authors mention that a commercial product with 
only lipophilic monomers, a diester of alkylene-maleic anhydride reacted with a 
fatty alcohol, was a worse product. Further, they found that α-olefin/maleic anhy-
dride copolymers that were not esterified performed better as AIs than the lipophilic 
copolymers.

Instead of using alkyl chains in the side groups of polyesters and polyamides, it 
would seem advantageous to use aromatic rings that can make π–π interactions with 
asphaltenes. Examples of this class have been patented.153 Preferred examples are 
transesterified products of methyl methacrylate and hydroxymethylpyridines, which 
are subsequently polymerized (Figure 4.28). The hydroxymethylpyridines could be 
the 2-, 3-, or 4-isomers. They could also be reacted with alkene-maleic anhydride 
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Figure 4.26 Structures of (meth)acrylate (R1 = H or CH3), styrene/maleate diester and 
alkene/maleate diester copolymers.
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Figure 4.27 Polyalkylenesuccinimide copolymers.

© 2009 by Taylor and Francis Group, LLC

  



Asphaltene Control 133

copolymers instead of meth(acrylates). All these polymers will have pendant pyri-
dine rings with neighboring polar ester groups. Other aromatic rings such as phenyl 
or naphthyl groups could also be incorporated into the copolymers with ester or 
amide spacer groups.

In a related patent by the same group, the use of polyesters or polyamides as AIs 
has been claimed, made by partially derivatizing polycarboxylic acids with amines 
or alcohols containing ring structures.154 Examples of ring structures are aromatic 
and heterocyclic rings. Specific examples of polymers are 4-alkylphenylmethacry-
late where the alkyl group R has nine to 12 carbons (Figure 4.29). Esters of maleic 
anhydride copolymers could also be used.

Another method of incorporating amide, imide, or ester groups into a polymer 
is to first graft an anhydride onto a polyvinyl backbone then react the product with 
an amine or alcohol.155 They prepared and tested polyester amides based on poly-
isobutylene reacted first with maleic anhydride and then with an amine such as 

R1

CH CH2 CH CH

O O

XX

n
C CH2

n

CH3

O

X

Y Y Y

Figure 4.28 The structure of two classes of AI polymers with pendant aromatic rings. 
R1 = alkyl or alkenyl, X = O or NH, and Y = CH or N.
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Figure 4.29 The structure of 4-alkylphenylmethacrylate polymer AIs. R has nine to 12 
carbons.
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monoethanolamine (Figure 4.30). The copolymers have low saponification number, 
that is, high polyisobutylene/maleic anhydride ratio.

Another class of polymeric amide AI is the 1-vinyl-4-alkyl-2-pyrrolidone polymers 
(Figure 4.31). The pyrrolidone group has a strong hydrogen-bonding carbonyl group 
and shows structural similarities to the five-ring pyrroles found in asphaltenes.50 
Polyvinylalkyl carbamates are another related class of AI.

All the ester and amide polymers discussed so far have a linear polyvinyl back-
bone. A new class of hyperbranched polyesteramides has been found to be good 
solubilizing additives for asphaltenes (Figure 4.32).156 These polymers have a den-
drimeric three-dimensional structure with alkyl groups pointing out in all direc-
tions (a full hyperbranched polyesteramide structure is illustrated in Section 9.2.2.3). 
The polyesteramides are made by condensing a cyclic acid anhydride with a dialka-
nolamine in a ratio of n:n + 1 where n is an integer (by varying n one can vary the 
molecular weight of the polymer). This gives a polymer with hydroxyl groups at 
the tips. The hyperbranching is caused by the dialkanolamine, which has three reac-
tive groups. By reacting a carboxylic acid, such as a fatty acid, with the hydroxylated 
hyperbranched polymer, the tips of the polymer can be modified to become less 
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Figure 4.30 The structure of graft copolymer AIs with pendant N-hydroxyethylsuccini-
mide groups.
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Figure 4.31 The structures of (A) 1-vinyl-4-alkyl-2-pyrrolidone polymers and (B) poly-
vinylalkyl carbamates. R is a long chain alkyl.
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hydrophilic. Preferred examples of asphaltene-solubilizing additives are composed 
of succinic anhydride and diisopropanolamine in a molecular ratio of about 5:6, 
in which part of the functional hydroxyl groups have been modified by esterifica-
tion with coco fatty acid and polyisobutenyl succinic anhydride (containing ca. 22 
isobutenyl monomers). A second preferred polyesteramide is based on structural 
units composed of succinic anhydride and di-isopropanolamine wherein part of the 
functional hydroxyl groups have been modified by reaction with polyisobutenyl suc-
cinic anhydride alone.

Structurally complicated mixtures of polyesteramides preferably formed by reac-
tion of polymerized long-chain hydroxyacids with polyamines have been claimed as 
AIs with dispersant properties.157 Typical polyhydroxyacids are poly(ricinoleic acid) 
or poly(12-hydroxy stearic acid) and typical polyamines are alkylenepolyamine bot-
toms or polyethyleneimine.

4.4.3  OthER POlymERiC ASPhAltEnE inhiBitORS

The use of graft copolymers containing pendant polar rings as AIs have been 
claimed.158–160 The graft copolymers are made by grafting a vinylic monomer with 
nitrogen and/or oxygen atom(s) with a polyolefin. Examples of vinylic monomers 
are N-vinylimidazole and 4-vinylpyridine, but also N-vinyllactams can be used 
(Figure 4.33).

A related class to monomeric arylsulfonates is the lignosulfonate polymers. This 
class has been claimed for use as asphaltene-deposition inhibitors in squeeze treat-
ments.161 The structure of a lignosulfonate is given in Figure 4.34. The polar head 
group contains phenolic as well as sulfonic acid groups. There is some resemblance 
to the alkyarylsulfonic acids, but now with other functional groups and a more com-
plex polymeric structure of interconnected phenolic groups.

A brief mention should be made of a novel method to prepare semisynthetic AIs. 
It has been shown that one can derivatize asphaltenes themselves by phosphoalkoxy-
lation to produce a product that can inhibit formation of the same asphaltenes.162 
Reacting acidic groups in asphaltenes with PCl3 then with polypropyleneglycols pro-
duces a mixture of structures, two of which are shown in Figure 4.35. These com-
pounds probably have less ability to self-associate than the original asphaltenes and 
have a more resin-like character.
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Figure 4.32 Structural units and end groups in hyperbranched polyesteramide AIs. R can 
be H or hydrocarbyl, R′ is a long alkyl chain.
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Figure 4.34 The partial structure of a lignosulfonate showing the aromatic and polar 
groups.
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Figure 4.35 AIs based on the phosphoalkoxylation of asphaltenes.
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Figure 4.33 Graft polymer AIs with pendant imidazole (left) or pyridine rings (right). 
R is preferably an alkyl chain.
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Another patent claims the use of biodegradable molecules having tetrapyrrolitic 
patterns as stabilizers for asphaltenes.163 These molecules can be chlorophyll-based 
molecules extracted from plant leaves and then derivatized.

4.5  summary oF ads and ais

As a generalization, monomeric surfactants behave as dispersants, whereas poly-
meric surfactants are true inhibitors of asphaltene flocculation but may also func-
tion as dispersants. The mechanisms by which these ADs and AIs interact with 
asphaltenes can be summarized as follows:

π–π interactions between asphaltenes and unsaturated or aromatic groups•	
acid-base interactions•	
hydrogen bonding•	
dipole-dipole interactions•	
complexing of metal ions•	

A key feature with nearly all ADs and AIs seems to be one or more polar functional 
groups that interact with the asphaltene monomers or aggregates, plus one or more 
alkyl chains that cooperatively form a less polar steric stabilization layer of alkyl tails 
around the asphaltenes solubilizing them in the crude oil. The alkyl tails are compat-
ible with the crude oil, which has aliphatic hydrocarbons as its major component. Ring 
structures in ADs and AIs, particularly those of an aromatic nature, are also quite 
common. Branched alkyl groups in surfactants, of the correct length, appears to be 
of better help in dispersing asphaltenes than straight chain alkyl groups. Molecular 
modeling may help deepen our understanding of some of these issues. Good solvents 
to use with AIs and ADs are aromatic or polar solvents that can help peptize the 
asphaltenes (see Section 4.6 on asphaltene dissolvers); examples are toluene, xylenes, 
trimethylbenzenes, 1-methylnaphthalene, tetrahydronaphthalene (tetralin), quinoline, 
isoquinoline, dimethylformamide, NMP, alkylglycols, and blends thereof.

4.6  asPhaltene dissolvers

Asphaltene deposits can occur anywhere from downhole to the process facilities and 
beyond. Severe deposits in the processing facilities may need to be mechanically dug 
out. If there is a reservoir asphaltene deposition problem and it is very severe, reper-
forating or refracturing may be necessary. Enzymes have been used to good effect to 
remove asphaltene and resin formation damage in China.164 The only good chemical 
method to remove asphaltene deposits is to use asphaltene dissolvers or solvents. To 
remove asphaltic deposits in flowlines, dissolvers are either batch-treated or recircu-
lated to the affected zone for a number of hours. For treatment of tubulars, the prod-
uct is used neat or diluted with crude and recirculated via the annulus or bullheaded. 
Effective dissolvers can dissolve up to their own weight of asphaltenes at downhole 
temperatures in just a few hours. Asphaltic sludge formed after acid stimulation jobs 
are often more difficult to remove with solvents since the asphaltenes are chemically 
bonded through water layers onto charged mineral surfaces.165–166 Compatibility 
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of the asphaltene solvent with elastomers and plastics materials that are contained 
within the system must be checked before use.

Most asphaltene dissolvers are based on aromatic solvents, sometimes with added 
enhancers.167 Deasphalted oils with high aromatic content have also been used as 
a low-cost alternative to chemical solvents.168–169 Xylene (a mixture of 1,2- 1,3-, 
and 1,4-dimethylbenzene), with a low flash point of 28°C (82°F), is probably the 
most common aromatic solvent.170 The even more volatile toluene (flash point 5°C 
[41°F]) is also used but is somewhat less effective.171 Most substituted aromatic sol-
vents are now classed as marine pollutants. The aromatic solvents interact via π–π 
orbital overlap with the aromatic components of asphaltene aggregates, replacing 
asphaltene-asphaltene π–π interactions and thereby solubilizing them. Studies have 
shown that the presence of paraffinics (acyclic or cyclic nonaromatic hydrocarbons) 
in asphaltene dissolvers is detrimental to the performance.172 The same study showed 
that monocyclic and bicyclic aromatic solvents performed better than tricyclic or 
polycyclic aromatic chemicals. Another study showed that the bicyclic molecules 
tetralin (1,2,3,4-tetrahydronaphthalene) and 1-methylnaphthalene performed better 
than mono-ring solvents such as n-propylbenzene, toluene, and xylene in both the 
amount of asphaltenes dissolved and the rate of dissolution (Figure 4.36).173 Higher 
temperatures and agitation helps to improve the asphaltene dissolution rate. Most 
commercial asphaltene dissolvers are formulated to contain a large percentage of 
mono-ring aromatic chemicals and optionally minor percentages of bicyclic aromatic 
chemicals due to the higher cost. A high–flash point commercial dissolver based on 
distillates, coal tar, naphthalene oils, and methylnaphthalene fractions has been used 
in Italy. Terpene-based solvents (containing for example d-limonene), with improved 
health, safety, and environmental profiles compared with aromatic solvents, have 
also been used in the field but their dissolving capacity is limited (Figure 4.36).174 
Terpene solvents are also useful for dissolving waxes.175

Since asphaltenes contain heteroatoms that give the structures some polar-
ity, aromatic solvents with heteroatoms and polar groups should also make good 
asphaltene dissolvers. Carbon disulphide, which has a very low flash point, is a 
good asphaltene dissolver. Pyridines are good asphaltene dissolvers, but they are toxic 
and incompatible with many elastomers.176 Alternatively, a hydrocarbon aromatic 
solvent can be used in combination with a polar cosolvent. By combining aromatic 
solvents and additives with polar functional groups, it has been shown that the over-
all cosolvent polarity can be matched to the asphaltene type of the field. Such blend-
ing enhanced the dissolution power of xylene, used as basic solvent, and increased 
asphaltene desorption from mineral surfaces of reservoir rock.177 One patent claims 
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Figure 4.36 Toluene, xylenes, tetralin, and 1-methylnaphthalene.
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that aromatic solvents with preferably 3–10% additional quinoline and isoquinoline 
(or C1–4 alkyl substituted), which have higher polarity compared with normal aro-
matics, have improved asphaltene dissolution rates (Figure 4.37).178 Another patent 
claims that addition of benzotriazole to the aromatic solvent improves the perfor-
mance.179 Alkyl or alkenyl esters of certain aromatic carboxylic acids, preferably 
isopropyl benzoate are also good asphaltene dissolvers as well as having attractive 
toxicological and environmental profiles.180 These solvents can be the basis of the 
external phase in retarded emulsified acid-stimulation fluids. The emulsion removes 
both inorganic and organic formation damage.181 Solvents with heteroatoms do not 
necessarily have to be aromatic to dissolve asphaltenes. For example, solvents con-
taining 1–15% N-substituted imidazolines, and preferably NMP (or N-ethyl pyrroli-
done), are also good dissolvers (Figure 4.38).182 Compositions comprising of kerosene 
or an aromatic solvent with at least one C4–C30 olefin or oxidation product thereof 
have been claimed as improved asphaltene dissolvers.183 Other “greener” solvents 
such as glycol ethers, alkanolamines, and esters have been screened and may find 
increasing use in the future to improve environmental impact.

Enhancers are sometimes added to the asphaltene solvent to improve its perfor-
mance but the choice of enhancer appears to depend on whether the asphaltenes are 
adsorbed onto the rock formation or elsewhere in the system. Thus, one study con-
cluded that toluene with 2 wt.% chemicals bearing polar groups (such as polymers) 
but not proton-donor groups (such as alkylbenzene sulfonic acids) performed well at 
enhancing the dissolution of bulk asphaltene solids compared with toluene alone.136 
However, both polymers and the alkylbenzene sulfonic acids increased the dissolu-
tion of asphaltenes adsorbed on rock in coreflooding experiments, the sulfonic acid 
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Figure 4.38 Imidazolines, NMP, limonene (a terpene), and cyclohexanone.
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performing best. Competitive interaction of an additive with the rock active sites was 
suggested as the mechanism by which the asphaltenes are desorbed from the rock. 
One service company found that addition of a range of ADs to the asphaltene dis-
solver did not enhance the amount or rate of asphaltene dissolution.

There have also been developed high–flash point emulsion-based asphaltene 
dissolvers in which an aromatic solvent but no BETX (benzene, ethylbenzene, 
toluene, or xylenes) is used. These emulsion-based dissolvers can sometimes per-
form better than straight aromatic solvents such as xylene184 (the same publica-
tion reports a useful list of keys to a long-lasting asphaltene removal treatment). 
The water-external emulsion compositions can comprise (1) water; (2) an organic 
solvent blend further comprising (a) a nonpolar organic solvent such as a terpene 
blend or crude oil from which light aromatic solvents have been previously dis-
tilled and (b) a polar organic solvent such as NMP or cyclohexanone; and (3) a 
surfactant adapted for forming an emulsion of the organic solvent blend and the 
water and for helping break down asphaltene deposits (Figure 38).185 The combina-
tion of these two polar organic solvents unexpectedly resulted in better dissolu-
tion of asphaltenes than either of the two solvents alone in the composition. The 
emulsion-based dissolver has since been optimized and tested on asphaltenes from 
various parts of the globe.186 Acids emulsified in aromatic solvents such as xylene 
have been used to enhance well productivity by acid stimulation and dissolving 
asphaltenes downhole.187 Microemulsions have also been claimed removing forma-
tion damage such as asphaltene deposits.188
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5 Acid Stimulation

5.1  introduction

About 50% of all oil reservoirs worldwide are based on carbonate minerals 
( limestone/chalk/dolomite) and about 50% are sandstone (quartz, feldspar etc.), 
although they can contain a small percentage carbonate minerals also. Acid stimula-
tion is used to increase permeability both in production and injector wells, carbonate 
or sandstone, by dissolving various acid-soluble solids naturally present in the rock 
matrix or as formation damage. There are many types of formation damage only some 
of which can be treated with acids, for example, organic deposits such as wax and 
asphaltenes cannot be treated. This section on acidizing should also be read together 
with the section on scale dissolvers in Chapter 3 on scale control since low-pH acidiz-
ing will also remove carbonate and sulfide scale deposits. To chemically remove sul-
fate scale, high pH chelates such as salts of polyaminocarboxylic acids are used.

Stimulation by acidizing is an old production enhancement technique dating as 
far back as the nineteenth century.1 Several books describe the fundamentals of acid 
stimulation, including a good introduction to modern techniques.2 Acid stimulation 
needs to be carried out with a full knowledge of the history of the well to determine 
the best course of action since there have been many cases of acid stimulation causing 
temporary or permanent formation damage, including turning oil-producing wells into 
100% water producers. This probably stems from the complex, heterogeneous nature 
of formation minerals and the unpredictability of their response to conventional oil-
field acid formulations. Here, we will give just a brief summary of the techniques used 
and concentrate on the chemicals involved in the various acidizing treatment strate-
gies. The various books and articles in the list of references at the end of this chapter 
should be consulted for a more comprehensive understanding of acid stimulation.

There are two basic methods of using acids to stimulate production:

fracture acidizing•	
matrix acidizing•	

5.2  Fracture acidizing oF carBonate Formations

Fracturing can be done hydraulically with proppants or with acids. In both cases, 
the goal is to create long, open channels from the wellbore penetrating deep into the 
formation. In fracture, acidizing some or all of the acid treatment is pumped in above 
the fracturing pressure. Fracture acidizing is usually carried out on  carbonate res-
ervoirs, which have lower permeability than sandstone reservoirs. Fracture acidiz-
ing of carbonate formations (chalk, limestone, and dolomite) can be used to either 
remove formation damage or stimulate undamaged formations. Once fractures have 
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been formed by the overpressure, the acid is needed to etch out the fractures leaving 
high and low points along the channel. This produces a conductive channel within 
the fracture where oil or gas can migrate. The acids used are the same as in carbon-
ate matrix acidizing discussed below.

A problem with fracture acidizing is that as the acid is injected, it tends to react 
with the most reactive rock and/or the rock with which it first comes into contact. 
Thus, much of the acid is used up near the wellbore and is not available for etching of 
the fracture faces farther from the wellbore. Furthermore, the acidic fluid follows the 
paths of least resistance, which are, for example, either natural fractures in the rock 
or areas of more permeable or more acid-soluble rock. This process creates typi-
cally long-branched passageways in the fracture faces leading away from the frac-
ture, usually near the wellbore. These highly conductive microchannels are called 
“wormholes” and are very deleterious because later-injected fracturing fluid tends 
to leak off into the wormholes rather than lengthening the desired fracture. To block 
the wormholes, techniques called leak-off control techniques have been developed. 
This blockage should be temporary, because the wormholes are preferably open to 
flow after the fracturing treatment; fluid production through the wormholes adds to 
total production. Commonly, the same methods may be used for leak-off control in 
acid fracturing and for “diversion” in matrix acidizing. Thus, an acid-etched fracture 
can be created using either viscous fingering (pad-acid) or viscous acid fracturing. 
With viscous fingering, a fracture is first formed using a viscous gelled water pad. 
Acid with lower viscosity is then injected, which fingers through the viscous pad in 
the fracture, etching out an uneven pattern as it goes. Viscous acid fracturing uses 
viscous acid systems such as gelled, emulsified, or foamed systems, or chemically 
retarded acids. These chemical methods are discussed later in this section.

5.3  matrix acidizing

In matrix acidizing, the acid treatment is pumped into the production well at or 
below the formation-fracturing pressure. Matrix acidizing is useful for stimulating 
both sandstone and carbonate reservoirs. A useful state-of-the-art review was pub-
lished in 2003.3

In carbonate matrix, acidizing the objective is to allow the acid to dissolve chan-
nels called wormholes in the near-wellbore region, reaching as far as possible into 
the formation. If the formation is undamaged, the production rate can be doubled 
at best, but with damaged formations, higher production rates can be obtained. It 
should be noted that carbonate matrix acid stimulations are also useful for treating 
carbonate-cemented sandstones and damage from acid-soluble species such as cal-
cium carbonate (CaCO3), lost circulation material, or carbonate or sulfide scales.

5.4  acids used in acidizing

5.4.1  ACidS fOR CARBOnAtE fORmAtiOnS

The most common acid used in carbonate fracture or matrix acidizing is hydro-
chloric acid (HCl). Organic acids such as acetic acid (CH3COOH) and formic acid 
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(HCOOH) are sometimes used particularly for high-temperature applications. 
Concentrations of HCl used in the field vary: 15 wt.% is common, but a concentra-
tion as high as 28 wt.% may be used (commercial HCl is usually sold as a 37 wt.% 
aqueous solution). Lower concentrations can be used as pickling acids to clean up the 
well in a preflush (to remove scale and rust) or an afterflush.

Calcium carbonate rock (limestone or chalk) dissolves in the acid to release carbon 
dioxide and form a calcium chloride solution. The reaction with HCl is given below.

 CaCO3 + 2HCl → CaCl2 + CO2 + H2O

Dolomite rock, which contains magnesium and calcium, will release both cations 
on treatment with acids. Strong acids such as hydrochloric acid form predominantly 
unbranched wormholes, whereas weaker organic acids and so-called retarded acids 
form more branched wormholes.

In some high-temperature applications, HCl does not produce acceptable stimula-
tion results due to lack of penetration or surface reactions. Organic acids, like formic 
acid and acetic acid, were introduced to offer a slower-reacting and thus deeper-
 stimulating acid.4 These “retarded” acids have shortcomings due to solubility limita-
tions of acetate or formate salts and also corrosivity at high temperatures.4,5 However, 
corrosion is less than with HCl. High-pH chelating agents for matrix acidizing, such 
as salts of EDTA or hydroxyaminocarboxylic acids have also been proposed.5,7 By 
adjusting the flow rate and pH of the fluid, it becomes possible to tailor the slower-
reacting chelate solutions to the well conditions and achieve maximum wormhole 
formation with a minimum amount of solvent. In addition, use of high-pH solvents 
significantly reduces corrosion problems.8,9 Chelates such as EDTA are considerably 
more expensive than HCl and organic acids. Long-chained carboxylic acids have 
also been investigated, offering low-corrosion rates, good dissolving power at high 
temperature, high biodegradability, and easy and safe handling.10

5.4.2  ACidS fOR SAndStOnE fORmAtiOnS

In sandstone matrix acidizing, the primary purpose is to remove acid-soluble dam-
age in the well and near-wellbore area, thus providing a better pathway for the flow of 
oil or gas. Treating an undamaged sandstone well with matrix acids does not usually 
lead to stimulation unless the reservoir is naturally fractured. Some carbonate-based 
damage can be removed with the same acids used in carbonate matrix acidizing. But 
in a sandstone reservoir, which is composed mainly of quartz and aluminosilicates 
(such as feldspars), migration of particles (fines) into the pores of the near-wellbore 
area can cause reduced production. These fines will not dissolve in strong acids such 
as hydrochloric acid but will dissolve in hydrofluoric acid (HF).

Although highly corrosive, HF is classed as a weak acid due to its low ionization 
in water. HF is also very toxic. HF, or more usually HF-releasing chemicals such 
as ammonium bifluoride (NH4HF2), is used for sandstone matrix acidizing com-
bined with hydrochloric acid (HCl) or organic acids. HF will also dissolve clays left 
behind after drilling operations such as bentonite. An aqueous HF/HCl blend is often 
called a “mud acid.” A preflush and overflush of an ammonium salt is often used to 
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remove incompatible ions such as Na+, K+, and Ca2+ that could lead to precipitation 
of insoluble fluorosilicate salts (e.g., Na2SiF6). The concentrations of the acids used 
in sandstone and carbonate matrix acidizing treatments vary somewhat according to 
the service companies who carry out such operations. Guidelines to the concentra-
tions have been documented.11 Generally, an HF concentration with a maximum of 
3% has been used due to the fear of deconsolidation of the near-wellbore of sand-
stone reservoirs. HCl/HF ratios usually vary from 4:1 to 9:1.

In sandstone acidizing, one has to be particularly careful of reprecipitation of 
reaction products, which could cause new formation damage.12 They occur mostly if 
the well is shut-in for a long period. The chemistry is complicated, but basically, HF 
reacts first with aluminosilicates to generate fluorosilicates, which react further with 
clays to form insoluble sodium or potassium fluorosilicates. Overflushes of dilute HCl 
or NH4Cl can be used to push these potentially precipitous solutions away from the 
critical near-well area and deeper into the formation. Another method to control this 
precipitation problem is by using delayed acid formulations that generate HF slowly. 
Examples are clay acid (tetrafluoroboric acid, HBF4)13 and self- generating acids, which 
can be esters that hydrolyze to acids at elevated temperatures.14 Buffered acid systems 
that allow for deeper penetration can also be used. For example, a buffered HF acid 
solution of pH 1.9–4 containing organic acids mixed with salts of organic acids and 
a phosphonate to alleviate the formation of siliceous precipitates can be used.15 High-
pH–buffered systems have been used successfully in  single-stage  sandstone-acidizing 
treatments, eliminating the need for preflushes and overflushes.16

The aluminum in the clays reacts later on with HF after the silicates have reacted. 
Aluminum fluoride salts are soluble in the spent acid unless diluted or the pH is 
raised by postflushes. Chelating agents such as polyaminocarboxylic acids or buff-
ered organic acids can be added to the acid itself to prevent this precipitation from 
happening.17 Such blends can be used in single-stage treatments, compared with mul-
tistage mud acid treatments, and are especially useful for high-temperature wells.18,19 
In addition, insoluble calcium fluoride can precipitate in the spent acid if too much 
calcium carbonate is present in the sandstone reservoir. In such cases, HCl treatment 
alone will suffice. Insoluble iron (III) salts can also cause problems if the pH of the 
spent acid is raised above approximately 2. It has been proposed that the HCl-based 
preflush used in sandstone acidizing may be sufficient to remove much of the forma-
tion damage in certain cases, for example, calcium carbonate scales. This avoids 
potential formation damage caused by products of HF acidizing.20 A phosphonate 
scale inhibitor can also be added to avoid reprecipitation of carbonate scales.

5.5  Potential Formation damage From acidizing

There are several other ways that acidizing, both for sandstone and carbonate reser-
voirs, can lead to formation damage if not carried out correctly. These include:

loss of near-wellbore compressive strength due to using too much HF either •	
in volume or concentration;
formation of emulsions or asphaltic sludge due to incompatibility between •	
the acid and formation fluids;
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water-blocking and wettability-alteration damage (this can be repaired with •	
mutual solvent treatments (mixed with water or hydrocarbon solvent) con-
taining surfactants);
fines migration after acidizing (this is fairly common in sandstone acidizing; •	
bringing the well on slowly after treatment can minimize this damage).

Experience has shown that for sandstone formations, oil wells respond to matrix 
acidizing in a different manner as compared with gas wells. For oil wells, the 
improvement in permeability resulting from the stimulation treatment peaks at a 
certain acid volume and then drops as the volume of acid injected increases. For gas 
wells, however, the resulting improvement in permeability is roughly proportional to 
the volume of acid injected, and is normally better than that obtained with oil wells. 
It is, therefore, expected that stimulation of oil wells in sandstone formations could 
be improved by displacing the oil in the zone to be treated with gas. Gas injection 
prior to acidizing is sought to minimize the formation of emulsions or sludge result-
ing from reactions between the spent acid products and the oil that otherwise would 
be contacted.21

5.6  acidizing additives

The acid main flush contains several additives to bring control to the treatment. 
These almost always include:

corrosion inhibitor•	
iron control agent•	
water-wetting surfactant•	

Many other additives can also be used. The three classes listed above will be dis-
cussed first followed by other classes of additives.

5.6.1  CORROSiOn inhiBitORS fOR ACidizing

5.6.1.1  general discussion
The use of highly acidic stimulation fluids can lead to severe metal corrosion and 
hydrogen and chloride stress cracking. Chapter 8 entitled corrosion control discusses 
various classes of inhibitors injected primarily into production streams. Corrosion 
rates of carbon or chrome steels (corrosion resistant alloys) during acid stimulation 
are higher than under normal production conditions. Corrosion inhibitors for protec-
tion of carbon and chrome steels (such as duplex steel) during acidizing are mostly 
different from those used to treat production fluids and usually dosed at higher 
concentrations.24c,25 For example, the well-known imidazoline and phosphate ester 
surfactants used in production pipelines are not usually used in acidizing operations, 
although unsaturated acid (e.g., acrylic acid) derivatives of amines and imidazolines 
have been claimed.22 Acidizing corrosion inhibitors must be able to prevent reaction 
of corrosive acids with steels and be stable in high-concentration acid solutions at 
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low pH and high reservoir temperatures. They must also be cost-effective since the 
concentration of corrosion inhibitor in the acid solution needs to be fairly high. The 
inhibitor dosage usually increases with increasing well temperature. The choice of 
corrosion inhibitor is also limited in regions with strict environmental requirements. 
Progress has been made in finding greener acid-corrosion inhibitors, particularly for 
high-temperature wells, but sometimes at the expense of performance.23–25

Historically, arsenic compounds were used as corrosion inhibitors in acid stimu-
lation packages, but due to their high toxicity, they have been phased out. Many com-
mercial acid inhibitors used to be based on Mannich condensation products. They 
were made by reacting a reactive ketone, formaldehyde, and an amine to produce a 
Mannich base.26,27 Because this reaction rarely goes to completion, some formalde-
hyde, an unwanted carcinogen, remains in the reaction product that is formulated as 
the commercial inhibitor. Amine-based inhibitors, such as quaternary ammonium 
surfactants described below, can be used as replacements but many of them are also 
toxic. Imines (Schiff bases) have also been investigated as corrosion inhibitors for 
acid solutions.27 Acetylenic alcohols and α,β-unsaturated aldehydes, such as cinna-
maldehyde and related derivatives, have been used as more environmentally-friendly 
corrosion inhibitors.28,29

These are also discussed below in more detail. Solvents and wetting surfactants are 
also used in acidizing corrosion inhibitor packages. In general, most organic corrosion 
inhibitors for acid stimulation possess electronegative atoms, a high degree of conju-
gated double or triple bonds and aromatic rings and a high degree of planarity. These 
features have been described as giving them the ability to hold tightly to the ferrous 
surface of the tubulars by mingling electrons with the “electron fog” of the steel.29

An easy way to help control corrosion is to use a percentage of a thermally stable, 
reducing acid in the HCl (carbonate) or HCl/HF (sandstone) formulation to prevent 
iron oxidation. Formic acid (HCOOH) is the simplest and cheapest example. In addi-
tion, reducing agents such as iodide ions can be added, which forms hydriodic acid in 
situ, a strong reducing agent.30 Elemental iodine has also been claimed as a corrosion 
inhibitor intensifier.31 Organic acid blends containing reducing acids such as formic 
acid are particularly useful for high-temperature applications where corrosion issues 
are paramount.32,33

5.6.1.2  nitrogen-Based corrosion inhibitors
To achieve satisfactory performance, most film-forming corrosion inhibitors contain 
a hetero atom (e.g., nitrogen, oxygen, sulfur) having a nonbonding pair of electrons 
available for interaction with a metal surface. Monomeric quaternary ammonium 
surfactants are an exception to this rule, but they do tolerate highly acidic solutions. 
However, their performance may not be good enough especially when used alone for 
high-temperature acidizing jobs. Most corrosion inhibitors packages for mineral acid 
stimulation (HCl or HCl/HF blends) contain quaternary ammonium compounds or 
amines mixed with unsaturated oxygen compounds. Some gemini quaternary sur-
factants (two quaternary head groups and two hydrophobic tails) appear to show 
good corrosion inhibition.34 Aromatic quaternary surfactants (e.g., pyridinium or 
quinolinium) appear to be better than alkyl quaternary surfactants for acidizing 
jobs (Figure 5.1).35a Quaternary naphthylmethyl quinolium chloride with antimony 
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chloride as an inhibitor aid has also been claimed.35b 2-Aminopyridine and other 
aminopyridines, which, like all amines, will be protonated in acid solution, has been 
shown to be a good corrosion inhibitor of mild steel.36 The performance of some qua-
ternary surfactants such as benzylquinolinium chloride can be improved by adding 
synergists such as long-chain carboxylic acids.37 Sulfur compounds such as thiosul-
fate salts (e.g., Na2S2O3) or thioglycolic acid (HSCH2COOH) can be used as inten-
sifiers in organic acid compositions.38 The performance of quaternary ammonium 
surfactants can also be improved by adding enhancers or intensifiers such as molyb-
date ions39 or reducing agents; for example, iodide ions is common, and cuprous, anti-
mony, bismuth salts, and formic acid have also been proposed.40,41 Bismuth salts are 
less toxic than antimony salts. Enhancers often have to be used in high temperature 
applications. Hypophosphate or hypophosphite salts have been proposed as corrosion 
inhibitors for weak acid-stimulation formulations.42 Yet another method to improve 
the performance is to use a polymeric or oligomeric amine/quaternary ammonium 
salt. Oligomerized aromatic amines or quaternary derivatives containing several 
benzylquinolinium moieties have been proposed as acid corrosion inhibitors well as 
poly(toluidine) and quaternized polyethyleneimines.42,43 A family of amine surfac-
tants with only partly ethoxylated amines have been proposed for use in production 
operations or acidizing jobs. Examples are fatty alkylamines, alkyletheramines, or 
alkylamidopropylamines reacted with only a mole of ethylene oxide, e.g., R′C(O)
NHCH2CH2CH2NHCH2CH2OH.45 A new family of mono/diamine-based corrosion 
inhibitors has been reported.46 Polyalkoxylatediamines have been claimed as inhibi-
tors for acid treatment of sour wells.47 Amines that quaternize in acid solution and 
alkyl quaternary ammonium salts are not allowed in environmentally sensitive areas 
such as parts of the North Sea basin. Therefore, other acidizing corrosion inhibitors 
are needed here.48

5.6.1.3  oxygen-containing corrosion inhibitors including those  
with unsaturated linkages

Unlike corrosion inhibitors for production operations, quite a few acidizing corrosion 
inhibitors contain oxygen in the head group and an unsaturated linkage. The unsatu-
rated oxygen compounds polymerize on the metal surface. Quaternary ammonium or 
amine compound are usually added to help hold the polymers to the surface as well 
as providing their own surface inhibition. Some commercial acid inhibitor packages 
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Figure 5.1 Pyridinium and quinolinium ions.
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are formulated with acetylenic alcohols. Examples are 1-octyn-3-ol, 1-hexyn-3-ol, 
2-methyl-3-butynol, and 1-propyn-3-ol (propargyl alcohol; Figure 5.2). Diacetylenic 
diols such as 3,8-dihydroxy-1,9-decadiyne have also been studied.49 They react in 
acid at elevated temperatures to form oligomers that have film-forming properties on 
steel.30 Their performance can be improved by adding intensifiers mentioned above or 
elemental iodine, quaternary ammonium surfactants, or amines such as hexamethyle-
netetramine, which can also scavenge any hydrogen sulfide released by reaction of the 
acids with metal sulfides.50 However, some small acetylenic alcohols are fairly toxic 
and can present handling problems such as in the back production of hot, spent acid. 
A new twist on acetylenic alcohols is the use of 2,3-di-iodo-2-propen-l-ol (used in 
excess propargyl alcohol), made from the reaction of propargyl alcohol and iodine.51 
The compound provides iodine to the media in a stable form that does not appear 
to degrade over time. Acetylenic sulfides can also be employed in this invention in 
lieu of acetylenic alcohols. Examples of these are dipropargyl sulfide, bis-(1-methyl-2-
propynyl)sulfide, and bis-(2-ethynyl-2-propyl)sulfide.

Cinnamaldehyde, another oxygenated molecule, and related derivatives are useful 
additives that have been used for some years in acidizing corrosion inhibitor pack-
ages (Figure 5.3).48,52,53 They are generally more environment-friendly than quater-
nary ammonium products and Mannich condensation compounds. They are also less 
toxic than most acetylenic alcohols.56 The key feature of their structure is an aldehyde 
and a conjugated double bond. In acid solution, cinnamaldehyde forms oligomeric 
species that form a film on the metal surface via various organometallic and metal-
oxygen interactions. By themselves, cinnamaldehydes have limited corrosion inhibi-
tion performance, but they can be blended with other inhibitors and intensifiers such 
as surfactants, additional aldehydes, acetylenic compounds, alkyl or arylphosphines, 
or antimony or iodide salts for improved performance.54 Cinnamaldehydes blended 
with aliphatic aldehydes such as glyoxylic acid or glyoxal have also been claimed.55 
Related cinnamyl chemistry is actively pursued for improved corrosion inhibition. 
For example, cinnamaldehyde performs well when combined with an organosulfur 
compound such as thioethanol (to form a thioacetal) and optionally a quaternary 
ammonium surfactant.29,56,57 Urea has also been shown to work synergistically with 
cinnamaldehyde and related derivatives to improve acidizing corrosion inhibition.58 
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Figure 5.2 Propargyl alcohol, 2-methyl-3-butynol, and 1-hexyn-3-ol.

O

Figure 5.3 Cinnamaldehyde.
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The reaction product of an α,β-unsaturated aldehyde or ketone such as cinnamal-
dehyde with primary or secondary amines and alkanolamines also gives improved 
acid corrosion inhibitors.59 A composition comprising of cinnamaldehyde or a sub-
stituted cinnamaldehyde together with a reaction product of a C3–9 ketone such as 
acetophenone, thiourea, formaldehyde, and hydrochloric acid has been claimed as 
an environment-friendly acid corrosion inhibitor.60 Biodegradable ester quaternary 
surfactants of cinnamyl alcohol, such as [bis(2-hydroxyethyl)coco betaine] cinnamyl 
alcohol esterquat, can be used as corrosion inhibitors: they also have antisludging 
and demulsifier properties.61 Cinnamyl thiotriazoles also performed well in up to 
3 M mineral acids (Figure 5.4).62

Conjugation in corrosion inhibitors such as cinnamaldehyde appears to give good 
interaction with the steel surface as this gives planar molecules. For example, a Schiff 
base derivative of cinnamaldehyde with phenylenediamine, 2,4-dicinnamyledene 
iminophenylene, gave good steel corrosion inhibition in acid media (Figure 5.5).63 
Another class of corrosion inhibitor with conjugation is the α-alkenylphenones 
(Figure 5.6). Several inhibitors in this class formed 2-benzoylallyl alcohol as an inter-
mediate in 15% HCl. This molecule polymerizes to form poly(phenylvinylketone), 
which was identified as the film-forming component on the steel coupons. Blends of 
the α-alkenylphenones with surfactants gave improved performance.64

NN

N
SH

Figure 5.4 3-Cinnamyl-4-phenyl-5-mercapto-1,2,4-triazole. The cinnamyl group can be 
replaced with various substituted phenyl groups.

CH CH CH CHCH N CHN

Figure 5.5 2,4-Dicinnamyledene iminophenylene.
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CH R1

Figure 5.6 α-Alkenylphenones. For example, R1 = H and R2 = H, CH2OH, or CH2OCH3.
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Ketones such as acetophenone or 3-hydroxy-1-phenyl-1-propanone, as additives 
containing oxygen, have been studied for use in acid corrosion inhibitor packages 
(Figure 5.7). For example, a composition of acetophenone with a pyridinium or qui-
nolium quaternary salt and antimonium or bismuth ions is a good acid corrosion 
inhibitor for up to 120°C (248°F).65 Condensation products formed by reacting an 
aldehyde (e.g., formaldehyde) in the presence of a nitrogen-containing compound 
(e.g., an alkylamine) and a carbonyl compound (e.g., acetophenone) have also been 
proposed,66 as well as aldol base-catalyzed condensation products of ketones, alde-
hydes, and fatty acids with antimony and bismuth compounds as synergists.67 Rosin 
amine components (e.g., dehydroabietylamine), a ketone component (e.g., acetophe-
none, hydroxyacetophenone, and/or di-acetophenone), one or more carboxylic acid 
components (e.g., formic, glycolic, citric acid), and paraformaldehyde have been 
shown to be good corrosion inhibitors for acidizing with lower toxicity.68 Terpenes and 
hydroxypropionic acid have been proposed as corrosion inhibitor intensifiers.69,70

5.6.1.4  corrosion inhibitors containing sulfur
Besides nitrogen and oxygen, the other common heteroatom found particularly in 
a number of organic acidizing corrosion inhibitors is sulfur. The sulfur-containing 
inhibitor is usually used in a formulation with other classes of corrosion inhibitors, 
such as acetylenic alcohols, cinnamaldehydes, and quaternary nitrogen compounds, 
and is particularly useful for reducing pitting corrosion.

A common class of sulfur-containing corrosion inhibitors are the 1,3-dialkyl-
thioureas such as 1,3-dibutylthiourea,70 although more water-soluble molecules such 
as the parent thiourea can be used. A whole range of other thio compounds have 
been proposed for use in formulations with cinnamaldehydes.29–56 If the compound 
contains a thiol group (–SH) it can react with an aldehyde, such as cinnamaldehyde 
or crotonaldehyde, to form a new compound that can also be used as a corrosion 
inhibitor.57 The reaction product of thiourea (or alternatively a primary amine), with 
formaldehyde, and an aromatic ketone such as acetophenone in the presence of an 
organic acid (e.g., acetic acid) and a mineral acid has been found effective as an 
acidizing corrosion inhibitor.60

There has been a fair amount of research on acidizing corrosion inhibitors con-
taining both nitrogen and sulfur, especially in heterocyclic rings. For example, 
oxadiazole (X = O) and thiadiazole (X = S) compounds shown in Figure 5.8 were 
shown to exhibit good cathodic corrosion inhibition in 1 M HCl. Higher concentra-
tions were not investigated.71
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Figure 5.7 Acetophenone and 3-hydroxy-1-phenyl-1-propanone.
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Aminobenzothiazoles also gave good corrosion inhibition in acidic media 
(Figure 5.9). The positive charge on the amine at low pH may also contribute to the 
performance besides interaction of the ring nitrogen and sulfur atoms with the steel 
surface. Inhibition was better for R = Cl than R = H due to a bigger dipole moment 
in the chlorinated molecule. Interestingly, a cinnamaldehyde derivative (probably a 
Schiff base) performed even better than the aminobenzothiazoles. Potassium iodide 
intensified the corrosion inhibition performance.72

Other heterocyclic compounds containing both nitrogen and sulfur have been 
found to be good corrosion inhibitors for steel in acid solutions. A product with three 
nitrogen and one sulfur atom in a ring structure with alkene (C=C) and methane 
(C=N) conjugation performed significantly better than propargyl alcohol in boiling 
15% HCl.73 Other sulfur-nitrogen compounds with good corrosion inhibition proper-
ties include thiotriazoles, thiobiuret compounds, and thiosemihydrazides, as well as 
sulfoximines (R1R2S(=NH)O) and sulfur-substituted (iso)thioureas.62,63

5.6.2  iROn COntROl AgEntS

There is a tendency for iron sulfide scale to form in the well and near-wellbore area 
especially in sour wells. Acids used to treat the well can dissolve the iron sulfide, but 
in the process, hydrogen sulfide is generated, which is toxic and stimulates corrosion. 
In addition, the dissolved iron tends to precipitate, in the form of ferric hydroxide or 
ferric sulfide, as the acid in the treatment fluid becomes spent and the pH of the fluid 
increases. Precipitation of iron compounds can cause damage to the permeability of 
the formation. In addition, the release of iron(III) ions into solution can exacerbate 
asphaltic sludging formation damage. Sludging is formed by reaction of the iron ions 
with polar groups in asphaltenes in the reservoir oil. Control of sludging with iron 
control agents and demulsifiers can also alleviate emulsion block problems.74
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Figure 5.8 Oxadiazole (X = O) and thiadiazole (X = S) compounds with good corrosion 
inhibition in acid media.
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Figure 5.9 6-Substituted aminobenzothiazoles.
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There are two classes of iron control chemicals designed to prevent these effects 
from happening:

reducing agents to reduce iron(III) to iron(II) ions (ferric •	 → ferrous)
complexing agents (also called “sequestering agents” or “chelates”)•	

Reducing agents that can be used include:

Metal ions in reduced oxidation states, for example, tin(II) or copper(I) ions•	
Iodide salts or iodine•	
Reducing acids such as formic acid, hypophosphorous acid, or a hypo-•	
phosphorous acid precursor such as a metal phosphinate catalyzed by 
antimony(V) or copper(II) ions.75

Erythorbic acid (isoascorbic acid) or ascorbic acid (Figure 5.10).•	
Reducing thioacids (e.g., thioglycolic acid, HSCH•	 2COOH) with cata-
lysts such as copper(II) ions and iodide ions76 or ketones that react with 
sulfides.77

The reducing agents such as iodide and the inorganic acids also help to prevent cor-
rosion. Other transition metal ions with several easily accessible oxidation states, 
such as vanadium or rhenium ions, combined with reducing agents can also be used. 
Reducing agents such as iodide ions first reduce the metal ions to a lower oxida-
tion state, which can then reduce iron(III) to iron(II) ions, keeping them soluble. In 
effect, the metal ions are electron-transfer agents and catalyst precursors.78–80

Complexing agents are commonly used for iron control. Complexing agents are 
chelates such as citric acid, EDTA, or nitrilotriacetic acid, the same products dis-
cussed in Section 3.9 on scale dissolvers in Chapter 3 on scale control. The first two 
chelates are the most used commercially for iron control. EDTA gives additional 
iron control by becoming a reducing agent above 120°C (248°F).81 In addition, a sul-
fide modifier such as a ketone, aldehyde, or acetal can be added to combine with dis-
solved sulfides.82,83 Dithiocarbamate compositions to sequester iron have also been 
proposed.84 Another method claimed to reduce the precipitation of metal sulfides 
from acid solutions is to add an oxime such as acetaldoxime. The oxime preferen-
tially reacts with sulfide ions in the solution and thereby prevents the sulfide ions 
from reacting with metal ions therein.85
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Figure 5.10 Erythorbic acid.
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5.6.3  wAtER-wEtting AgEntS

Water-wetting agents are needed in the acid stimulation treatment to remove any oily 
film from the rock or scale so that the aqueous acid has good contact. Water-wetting 
agents are also necessary to clean up the well and leave the formation water-wet, 
thereby enhancing the flow of oil or gas. Water-wetting agents can be simple mono-
meric surfactants but with a high HLB (hydrophilic-lipophilic balance). Examples 
are nonionic surfactants such as the alkyl ethoxylates and alkylphenyl ethoxylates. 
A mutual solvent (“musol”) can also be used. A mutual solvent is miscible with both 
water and oil and aids in water-wetting the formation. The most common solvent 
is monobutyl glycol ether also called butyl glycol. Another is dipropylene glycol 
methyl ether. Mutual solvents can also remove trapped water (water blocks) caused 
by an all-aqueous treatment, thus providing stimulation.97 The film-forming corro-
sion inhibitor in the acid solution may also provide water-wetting.

5.6.4  OthER OPtiOnAl ChEmiCAlS in ACidizing tREAtmEntS

There are several other optional chemicals needed depending mainly on the forma-
tion fluids and type of damage. These include:

Clay stabilizer: This is useful to prevent migration or swelling of clays •	
caused by the sandstone acid treatment. Approximately 5 wt.% ammonium 
salts in the preflush is useful. Improved clay stabilizers are polyamines and 
polyquaternary amines such as polydimethyldiallylammonium chloride, 
again preferably added to the preflush to protect clays during the initial ion 
exchange.86,87

Fines fixing agent: Most fines in sandstone formations are not clay but •	
quartz, feldspar, and other minerals. Clay stabilizers will not control these 
fines. An organosilane agent, such as 3-aminopropyltriethoxy silane, has 
been used to fix these fines. It reacts in situ with water to form polysilox-
anes, which bind siliceous fines.88,89

Antisludging agent•	
Iron-control agents, discussed above, can prevent asphaltic sludging, if •	
they avoid formation of uncomplexed ferric ions.
Asphaltene solvents, inhibitors, and dispersants can also be used, espe-•	
cially in emulsified acids (see Section 5.8.9 below on emulsified acids 
or Chapter 4 on asphaltene control).90 Examples are xylene as solvent 
and the alkylaryl sulfonic acids as dispersants.91 Other antisludging 
surfactants that can be used in acid treatments include ester quater-
nary ammonium surfactants, ethoxylated alkyl phenols, alkoxylated 
alkyl-substituted phenol sulfonates and ester, or salts of sulfonated fatty 
acids.61,92 Treatment to stabilize the asphaltenes previous to acid stimula-
tion or low-pH scale inhibitor squeeze treatments was most effective in 
one field.93

Biodegradable ester quaternary surfactants, which also have corrosion •	
inhibition properties.94
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An invention to prevent sludging combines HCl, a quaternary corro-•	
sion inhibitor (preferably aromatic) and a conjugate ion pair of a cat-
ionic amine oxide surfactant and an anionic surfactant that does not 
react with the corrosion inhibitor. A preferable conjugate ion pair is 
dimethyl cocoalkylamine oxide and dodecyl sodium sulfate.95

Demulsifier: The demulsifier may be added as a spearhead in a hydrocar-•	
bon solvent before the main acid solution. Some emulsion problems can be 
treated using iron control additives in the acid solution as discussed above. 
Some demulsifiers, such as N-alkylated polyhydroxyetheramines, have 
been specifically designed for use in acid-stimulation operations96 (see also 
Chapter 11 on demulsifiers).
Alcohols: Small alcohols can be beneficial in gas well stimulation by help-•	
ing release spent acid from the formation by lower the surface tension. 
Methanol or glycol may be needed for preventing gas hydrates plugs in cold 
gas wells in deepwater.
Calcium sulfate scale inhibitor: Necessary if sulfate concentrations are high •	
in the formation water (see Chapter 3 on scale control).
H•	 2S scavenger: If the acidizing treatment contacts sulfide scales toxic H2S 
can be released. An aldehyde or other H2S scavenger can be used (see also 
Chapter 15 on hydrogen sulfide scavengers).98

Foaming agent: These are surfactants used together with nitrogen gas to •	
help remove spent acid and lift a gas well back on stream.
Drag reducer: These are usually water-soluble polymers such as high •	
molecular weight polyacrylamides. A drag reducer is useful in deep-well 
treatments or when you need a high treatment rate. They provide fluids with 
low friction pressures.99

Surfactants: In gas wells, reduction of the surface tension is required to •	
reduce the capillary forces that trap the aqueous phase in the formation thus 
avoiding water blockage.100

5.7  axial Placement oF acid treatments

In addition to determining the most effective combination of acid blends and volumes 
for each particular reservoir, treatment design and planning are often performed to 
ensure that the acid is placed across the entire interval. The successful acid place-
ment in matrix treatments of open-hole horizontal wells is even more difficult due 
to the length of the zone treated and potential variation of the formation properties. 
A successful diversion technique is critical to place the acid to the location where 
damage exists.

To improve contact of the acid solutions with the interval to be treated, one can 
use either mechanical or chemical placement techniques. Mechanical placement can 
be done by packer systems, ball sealers, or coiled tubing. Chemical placement uses 
so-called diverters. Diverters are useful in a number of other well operations besides 
acidizing, for example, scale-inhibitor squeeze treatments. The diverter is usually 
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applied in a preflush and temporarily plugs the zone or zones of highest permeability 
allowing the main flush to react with other less permeable or more damaged zones. 
On back production, the diverter is removed from the perforations. There have also 
been developed self-diverting viscoelastic fluids, which are discussed later.

There are at least four categories of diverters for acidizing:

solid particles that degrade, dissolve, or melt in hot-produced water or oil•	
polymer gels•	
foams•	
viscoelastic surfactants (VESs)•	

Solid particles are not usually used in HCl carbonate acidizing because of the high 
solubility of the formation in the acid and the formation of channels. The other cat-
egories given above have all been used successfully in carbonate acidizing.

In addition to the above methods, relative permeability modifiers (RPMs) have 
been used for improving the diversion of acidizing treatments101 (see Chapter 2 on 
water and gas control). In one carbonate field, the use of a hydrophobically modified 
RPM in matrix-acidizing treatments gave better production results than the use of 
foam or polymer gel diverters.102 Emulsified acids are used to achieve better penetra-
tion but the viscosity of these formulations can also give them diversion capabilities. 
These are discussed in Section 9. Another method of improving the axial placement 
of HF acid treatments is the so-called maximum pressure differential and injection 
rate (MADPIR) technique. By maintaining maximum injection rate, while always 
increasing it to maintain the maximum allowable matrix injection pressure (i.e., 
below the fracturing pressure), the need for diverter is removed.103

5.7.1  SOlid PARtiClE divERtERS

In HCl and non-HF acidizing treatments, the most common diverter is rock salt (NaCl). 
Rock salt can be added to the main acid flush. Benzoic acid flakes, oil-soluble resins, 
and wax beads are good particle diverters that can be used in sandstone acidizing 
treatments. The resins and wax particles cannot be used in low-temperature wells such 
as gas wells or injection wells as they may not melt at the well temperature. Other suit-
able solid additives include polyesters, polycarbonates, polyacetals, polymelamines, 
polyvinyl chlorides, and polyvinyl acetates. When combined with a viscosified fluid 
they are claimed to give a deeper barrier in the near-wellbore area.104

Solid diverters have generally been superseded by other diverter techniques in the 
last 20 years. However, a new diverter, solid particles of a polyester, that degrades 
by aqueous hydrolysis at elevated temperatures, has been shown to have superior 
performance in acid stimulation jobs.105 Successful field trials involving the use of a 
degradable (hydrolyzable) polymeric fiber technology designed to achieve effective 
acid diversion during acid fracturing have also been reported. The significant viscos-
ity increase achieved in the pad by the addition of fibers, and its particulate bridging 
mechanism plug off just the stimulated zones effectively.106
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5.7.2  POlymER gEl divERtERS

Polymer gels have higher viscosity than normal acidizing solutions, which means 
they will penetrate low-permeability intervals first. Thus, there are two ways to use a 
viscous solution such as a polymer gel. First, one can inject a polymer gel viscous pill 
(or preflush). This technique relies upon the viscosity of the preflush to influence the 
injection pressure of the interval it enters. As the preflush enters the formation, the 
viscosity of the pill will restrict the injection of other fluids into this area. As the injec-
tion pressure increases within this portion of the interval, other sections of the inter-
val will break down and begin accepting fluid. A low-viscosity acid main flush will 
then be able to penetrate the low-permeable damaged zones. Second, one can gel the 
acid solution itself. Gelled acid diverters give two benefits to an acidizing treatment:

 1. Reaction rates are significantly slowed allowing better acid penetration (see 
radial axial placement of acidizing treatments below).

 2. The higher viscosity decreases the leak-off due to increased flow resistance.

These two benefits combined increases the tendency of the subsequent treating acid 
to be diverted elsewhere. By pumping alternately gelled and ungelled acid stages, the 
whole zone of interest can be acidized. This is especially useful in carbonate matrix 
acidizing.107 Gel breakers can also be used to reduce the viscosity of the gel after 
the acidizing treatment. Polymer gelled acids are also used as leak-off control agents 
in fracture acidizing.

A typical chemical diverting fluid is a gelled hydroxyethylcellulose (HEC) pill. 
This method is severely limited if the temperature of the gelled HEC exceeds approx-
imately 95°C (203°F). Above this temperature, the base viscosity and life of the pill 
are greatly decreased. Other typical polymers that have been used are acrylamide 
polymers and other natural or polysaccharide polymers such as guar, xanthan, sclero-
glucan, or succinoglycan.108 Biodegradable scleroglucan or diutan when partially 
cross-linked have better thermal stability than most natural polymers and are easier 
to disperse than poorly biodegradable synthetic polymers such as polyacrylamides.109 
HEC, the natural polymers, and polyacrylamide are not so stable in acids at high 
well temperatures or tolerant of high salinities. Thus, various other synthetic poly-
mers have been proposed for such applications including polymers and copolymers of 
vinyl lactam, N,N-dimethyl acrylamide, acrylamidopropanesulfonic acid, and quater-
nary monomers such as acrylamidoethyltrimethylammonium chloride and dimethyl-
aminoethyl methacrylate, although these are generally more expensive and poorly 
biodegradable materials.110–112 Clarified xanthans made by genetic engineering or 
bacteria selection have been claimed for use in gelled acids up to 150°C.113

The main flush acidic solution can be injected with a polymer and a second chem-
ical, which cross-links the polymer at raised temperature in situ in the wellbore, 
increasing the viscosity of the solution further. Tetravalent and trivalent metal salts 
(zirconium(IV), titanium(IV)) are commonly used to cross-link polysaccharides, 
such as guar, in fracture acidizing. Metal salts such as aluminum salts, iron(III) 
salts, phenolic compounds and/or small monoaldehydes, and polyamines have been 
used as cross-linking agents with anionic polymers such as partially hydrolyzed 
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acryla mide polymers, some of them similar in composition to chemicals used in 
water shut-off treatments (see Chapter 2 on water and gas control).114,115 Some poly-
mer solutions naturally thicken at raised temperatures in the wellbore. These include 
polyoxyalkylenes such as ethylenediamine reacted with propylene oxide and then 
ethylene oxide to a molecular weight of up to 30,000.116,117 Viscous oil-in-water emul-
sions have also been proposed (see Section 9).

Self-diversion of polymer gelled acids can also be accomplished by a change in 
pH due to the acid being spent and the resultant pH increase. The pH increase can 
activate a highly valent metallic reagent, such as Zr(IV), that cross-links the poly-
mer chains. The subsequent viscosity increase causes a higher flow resistance and 
diversion of the unspent acid into other zones. Further increase of pH deactivates the 
metallic cross-linker using a reducing agent and breaks down the fluid to the origi-
nal polymer chains.118 Self-gelling acid treatments are called “low leak-off control 
acids.” They have become very popular in field operations for generating deeply 
penetrating wormholes in carbonate formations. Cross-linking xanthan can be espe-
cially difficult and/or impractical, but an oxidized form of cross-linked xanthan, has 
been claimed to be more stable and useful in self-diverting acids.119

A problem, which is sometimes encountered when using polymer-thickened com-
positions in treating formations, is the ease of removal of the treating composition 
after the operation is completed. Some thickened or highly viscous polymeric solu-
tions are difficult to remove from the pores of the formation or the fracture after the 
operation is complete.120 Sometimes, a clogging residue can be left in the pores of 
the formation, or in the fracture. This can inhibit the production of fluids from the 
formation and can require costly cleanup operations.121 One method to avoid this 
is to delay the thickening of the solution. For example, chromium(VI) salts with a 
reducing agent such as sulfite ions or thioacetamide have been proposed. Such com-
positions will form chromium(III) ions in situ, which can then cross-link with the 
polymer.122 Another method that relies on aldehydes to cross-link the polymers is to 
use an aldehyde precursor such as an acetal, which decomposes to form the aldehyde 
in situ at raised temperatures in the well bore.123 Breakers such as enzymes and oxi-
dizing agents such as sodium persulfate can be injected to break down polysaccha-
ride-based fluids. This is very common in hydraulic fracturing. If the polysaccharide 
polymer is cross-linked with metal ions (e.g., titanium or zirconium), the viscosity 
can be reduced after a delay period by coinjecting the breaker coated with a water-
soluble resin. Examples of breakers for metal salts are ionic materials that will pref-
erentially complex with the metal ions such as fluoride ions (e.g., fluorspar, cryolite), 
sulfates, phosphates, phosphonates, and carboxylates (e.g., EDTA).124

One method for leak-off control in fracture acidizing is to incorporate into the 
acidic fluid first a chemical or chemicals that will form a barrier to fluid flow after a 
substantial amount of the acid is consumed (“spent”) and the pH increases, and sec-
ond, another chemical or chemicals that will destroy the barrier as more acid is spent 
and the pH increases further. That initially strongly acidic system initially has low 
viscosity but includes a soluble ferric ion source and a polymeric gelling agent that is 
cross-linked by ferric ions at a pH of about 2 or higher but not at lower pHs. Typical 
polymers are anionic polyacrylamides. However, the polymer is not cross-linked by 
ferrous ions. Therefore, the system includes a reducing agent that reduces ferric ions 
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to ferrous ions, but only at a pH above ~3–3.5. Consequently, as the acid spends, for 
example, in a wormhole, and the pH increases to ~2 or higher, the polymer cross-
links and a very viscous gel forms that inhibits further flow of fresh acid into the 
wormhole. As the acid spends further (after the treatment) and the pH continues to 
rise, the reducing agent converts the ferric ions to ferrous ions and the gel reverts to a 
more fluid waterlike state. Hydrazine salts and hydroxylamine salts have been used 
as the reducing agents in the past but due to their toxic and carcinogenic properties, 
carbohydrazides, semicarbohydrazides, ketoximes, and aldoximes have been pro-
posed as less hazardous replacements.125

5.7.3  fOAm divERtERS

Foamed acids were proposed as early as the seventies for fracture acidizing but is 
also used for diversion and better penetration in matrix acidizing.126 Foam can aid 
acid-well stimulation by diverting acid into damaged or low-permeability layers near 
the wellbore. The foam is made using a water-soluble surfactant and a gas such as 
nitrogen, carbon monoxide, carbon dioxide, or a natural gas.127 Optionally, a viscosi-
fying polymer can be used such as HEC, carboxymethylcellulose polymers, poly-
acrylamides, polyacrylates, and polysaccharides, or a VES.128,129

Foam-forming surfactants include anionic, cationic, amphoteric, and nonionic 
surfactants, in increasing order of performance. Anionic surfactants are adversely 
affected by the presence of crude oils and severely deteriorate in the presence of 
strong acids such as hydrochloric acid. Cationic surfactants are moderately good 
foamers in the presence of acid, but produce unstable foams in the presence of crude 
oils. The same is true of amphoteric surfactants. Nonionic surfactants foam well ini-
tially but the life of these foams in the presence of acids and crude oils remains too 
short for acidizing operations. Improved foams can be made using a nonionic primary 
surfactant (e.g., ethoxylated alcohols or polyglycosides) together with a cationic cosur-
factant (e.g., fluorinated quaternary ammonium chloride). Polymers (e.g., polysaccha-
rides or partially hydrolyzed polyacrylamide) may be added to the surfactant solution 
to enhance the foam mobility reduction.130 Another class of foam-forming surfactants 
are the ethoxylated fatty amines, which become quaternized in situ by the acid.131,132 
Guidelines for the use of foamed acids have been published.133,134 High-temperature 
foam acid stimulation studies have been carried out with a number of surfactants.135

The foams must have several properties. Foams must be stable in the presence of 
the acids and the reservoir hydrocarbons. The foam must be capable of producing a 
stiff foam that is substantially less mobile (e.g., at least 100 times) than gas to block 
the flow of the acid. Lastly, the foam must maintain its flow-blocking capabilities (i.e., 
stiffness) during the injection period of the acid, after which, the foam should inher-
ently break down to once again allow flow through the higher-permeable zones.

Foamed fluids have been shown to be able to block a formation not just by their 
viscosity but also by the mechanism of breaking and reforming under dynamic flow 
conditions. Furthermore, foamed fluids will block a formation more effectively the 
greater the bubble size in the foam relative to the pore size. When there is stratification 
(layers of varying permeability), diversion is achieved by generating and maintaining 
a stable foam in the higher permeability zone or zones during the entire treatment. 
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When there is a long zone to be treated, diversion is achieved by treating part of the 
zone with acid, then placing a foam to block entry of subsequently injected acid into 
that part of the zone, and then injecting more acid. These alternating steps may be 
repeated. The result is complete zonal coverage by the treating fluid and effective 
damage removal by the acid, even from severely damaged zones. Depending upon 
the type and concentration of the surfactants used and the foam quality, foams can 
generate different levels of yield stress. Foamed fluids have also been known to sup-
port solid particles and enhance the stability and viscous flow behavior of fluids. 
Foamed fluids have also been recognized as one of the best diversion fluids for acid 
stimulation. Other benefits of foamed fluids are that they are inherently cleaner than 
nonfoamed fluids, even if they contain polymers, because they contain less liquid 
and that they help kick off flowback and cleanup because they provide energy to the 
system to help overcome resistance, for example, the hydrostatic head, to flow back; 
that they are “energized” is particularly important in depleted reservoirs.

A combination of a foamed acid and viscoelastic acid system has been proposed 
(see next section). The resistance to flow of the gelled foamed VES system is greater 
than expected from a foam or viscoelastic gel system alone. Betaine surfactants129 or 
alkylamidoamine oxide surfactants are used to make the viscoelastic foams.136

5.7.4  viSCOElAStiC SuRfACtAntS

Another type of viscous fluid diverting agent used to assist in formation stimula-
tion (both fracturing and matrix acidizing) is a VES or surfactant mixture. These 
are not the same surfactants that are used to make foams.127 Viscoelasticity, also 
known as anelasticity, describes materials that exhibit both viscous and elastic char-
acteristics. The rheology of VES fluids, in particular the increase in viscosity of the 
solution, is attributed to the three-dimensional structure formed by the components 
in the fluids. When the surfactant concentration significantly exceeds a critical level, 
the surfactant molecules aggregate and form structures such as micelles or vesicles 
that can interact to form a network exhibiting viscoelastic behavior.137 Although gen-
erally more expensive than polymer-gelled acids, modern VES acid stimulation has 
the benefit that it usually leaves little or no residue (formation damage) after treat-
ment.138 Surfactants as gelling agents require fairly high concentrations to create the 
necessary viscosity, higher than the concentrations needed to make polymeric gels.

VES solutions are usually formed by the addition of certain reagents to con-
centrated solutions of surfactants, frequently consisting of long-chain amphoteric 
or quaternary ammonium salts such as cetyltrimethylammonium bromide (CTAB). 
Many common reagents or cosurfactants can be added to generate extra viscoelas-
ticity and stability to the surfactant solutions depending on their ionicity. Salts such 
as ammonium chloride, potassium chloride, magnesium chloride, sodium salicylate, 
and sodium isocyanate and nonionic organic molecules such as chloroform can be 
used. Certain cationic surfactant/anionic surfactant blends with a nonaqueous sol-
vent also form viscoelastic solutions. Salicylic acid or phthalic acid can be used with 
amphoterics. The electrolyte content of many surfactant solutions is also an impor-
tant control on their viscoelastic behavior.139,140

© 2009 by Taylor and Francis Group, LLC

  



168 Production Chemicals for the Oil and Gas Industry

Individual surfactants that have been shown to form viscoelastic solutions come from 
many classes. Some of those that have been proposed for use in the oilfield include:

Cationic surfactants•	 141

Examples are erucyl methyl bis(2-hydroxyethyl) ammonium chloride or •	
4-erucamidopropyl-1,1,1-trimethyl ammonium chloride (Figure 5.11)142

Erucyl methyl bis(2-hydroxyethyl) ammonium chloride with sodium •	
salicylate (0.06 wt.%) or erucyl amine cosurfactants give improved per-
formance being stable over a wide pH range.144

Gemini and nongemini bis-quaternary and other polycationic •	
surfactants.144

Zwitterionic/amphoteric surfactants•	
Examples are betaine surfactants such as oleylamidopropyl betaine or •	
erucylamidopropyl betaine (Figure 5.12).145,146

Anionic surfactants•	
Alkyl taurate anionic surfactants•	 147

Methyl ester sulfonates•	 148

Sulfosuccinates•	
Amine oxides and amidoamine oxides•	

Dimethylaminopropyltallowamide oxide (Figure 5.13).•	 143,149,150

Ethoxylated fatty amines•	
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Figure 5.11 Long-chain alkyl methyl bis(2-hydroxyethyl) ammonium chloride surfactants.
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Figure 5.12 Zwitterionic/amphoteric surfactants.
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Figure 5.13 Dimethylaminopropyltallowamide oxide.
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There are two types of application for acid diversion with surfactant micellar fluids. 
They are:

self-diverting surfactant fluid•	
surfactant micellar fluids as diversion pills•	

A self-diverting fluid is composed of fresh acid and surfactant.151 The initial fresh 
acid system has low, waterlike viscosity during mixing and pumping. When the 
fresh acid fluid system contacts and reacts with carbonate in the formation, the fresh 
acid system loses its acidity, the fluid pH increases, and due to the presence of diva-
lent ions like Ca2+ and/or Mg2+, the fluid starts to become viscous (or gelled). As the 
local viscosity increases, the fluid system then effectively diverts the trailing acid 
fluid. The following fresh acid will be diverted to other areas to stimulate the forma-
tion. This is a continuous diverting process during acid injection.

The surfactant micellar diversion pill used in acidizing treatments is composed 
of surfactant and brine and is viscous (or gelled) when pumped. The diversion pills 
are pumped with fresh acid in different stages. During a pumping treatment, spac-
ers are usually pumped to separate the diversion pills and acid fluid. The surfactant 
diversion pill is pH-sensitive, as in the self-diverting surfactant acid system, and the 
pills lose viscosity at low pH. Erucyl methyl bis(2-hydroxyethyl) ammonium chlo-
ride, a commercial VES used in surfactant micellar diversion pills, does not require 
a large counterion to form viscoelastic micelles. It can also be used at a concentration 
too low to viscosify the fluid, but that is concentrated in the formation so that the 
fluid system gels.143 Cationic and amphoteric/zwitterionic VESs, in particular, those 
comprising a betaine moiety (such as R(Me)2N+CH2CH2CH2COO−), are useful at 
temperatures up to about 160°C (320°F). They are, therefore, of particular interest 
for medium- to high-temperature wells. However, like the cationic VESs mentioned 
above, they are not compatible with high brine concentration. Cosurfactants useful 
in extending the brine tolerance, increasing the gel strength, and reducing the shear 
sensitivity of the betaine VES-fluid include sodium dodecylbenzene sulfonate.152 
Other suitable cosurfactants for betaine VES are certain chelating agents such as 
trisodium hydroxyethylethylenediamine triacetate.153

The wormlike micelles formed by many VESs are sensitive to hydrocarbons. By 
utilizing this sensitivity, the fluid may selectively block water-bearing zones while 
the hydrocarbon-bearing zone is unaffected. Anionic surfactants have been reported 
to have this effect.154 However, some VES fluids such as betaines cannot discriminate 
between zones with various permeabilities as long as the zones are hydrocarbon-
bearing. Further, unlike polymer-based fluids, which rely upon filter cake deposition 
to control leak-off to the formation, VES diverting agents control fluid leak-off into 
the formation through the structure size of the micelles. The micellar-based visco-
elastic betaine surfactant fluids usually have high leak-off rates to the formation due 
to the small size of the worm-like micelles.

Betaine surfactants have been shown to be applicable for self-diverting acid 
systems (VDAs or SDVAs) at formation temperatures up to 160°C (320°F).155,156 
Zwitterionic amine oxide surfactants can be used up to about 125°C (257°F).157 The 
viscosity increase is due to a drop in pH and an increase in the aqueous concentration 
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of Group II metal cations, leading transformation of spherical micelles to worm-
like micelles. The viscous barrier forces the following acid into other zones that 
have lower injectivity so that those zones can also be effectively stimulated. After 
the acidizing treatment, the viscous barrier breaks down upon contacting produced 
hydrocarbon, lower salinity produced water, produced preflush fluids, or postflush 
fluids, leaving no solid residue to cause formation damage to the rock, because the 
VES system contains no solids or polymer. VDA zwitterionic diverters have also 
been used in carbonate gas wells. They are stable in 28% HCl and to reaction prod-
ucts after acid is spent after reaction with carbonates.158 A review of lessons learned 
from matrix acidizing with VES diverters states that the surfactant loading must 
not be too high or else formation damage may occur. However, the damage can be 
removed using mutual solvent. Further, high corrosion inhibitor or iron salt concen-
trations can adversely affect the VES performance.157

To avoid formation damage, the breaking of the gel of the aqueous viscoelastic 
treating fluid can be accomplished by several mechanisms including contact with 
hydrocarbons in the formation, change in pH, dilution/change in salinity, contact 
with alkoxylated alcohol solvents, and contact with a reactive agent. Relying on the 
formation of hydrocarbons or aqueous dilution, especially for dry gas reservoirs, to 
break down the viscosity of the gel will extend the treatment time and delay produc-
tion. Many operators that have experience with VES have learned that remedial VES 
cleanup often is necessary. Thus, for more assured and complete fluid cleanup, chem-
ical breakers have been developed that destroy the micellar structure of some VES 
fluids used as diverters.159 For example, compounds that have charges opposite to the 
VESs head group can act as breakers by destroying the micellar structure of the VES 
fluid. These were designed particularly for cleanup after drilling and hydraulic frac-
turing operations.160 Other breakers include chemicals that degrade the surfactants 
at elevated temperature or compounds that degrade at elevated temperature to gener-
ate a micelle breaker in situ.161 Internal breakers include bacteria, transition metal 
ion sources, saponified fatty acids, mineral oils, hydrogenated polyalphaolefin oils, 
saturated fatty acids, unsaturated fatty acids such as polyenoic acids and monoenoic 
acids and combinations thereof.162,163 A VES fluid containing a metal ion having at 
least two oxidation states and a redox reagent has been proposed. The metal ions, 
such as iron(II) ions may be encapsulated. They are released in the formation after 
the acid has done its job and are oxidized to iron(III) ions, which reduce the gel vis-
cosity.164 Break-enabling ammonium salts can also be used in the self-diverting acid 
main flush.165 However, iron(III) ions have also been shown to form strong gels with 
several VESs, leading to a new form of formation damage.166 Internal breakers for 
carbonate self-diverting surfactant/organic acids have also been developed.151

There have been a number of variations or improvements on the basic use of VESs 
either as leak-off control or diverting agents. For example, the benefits of both foam 
and VES acid treatments can be obtained by combining both properties in one solu-
tion.167 Another variation is the use of certain anionic surfactant VES fluid systems 
mixed with a small percentage of a lower alcohol such as methanol. The surfactant 
concentration as injected is insufficient to divert fluid flow in the formation. The fluid 
only develops the ability to divert fluids as it flows through the formation via loss of 
the lower alcohol from solution.168
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The use of a viscoelastic amidoamine oxide surfactant in HF-acidizing composi-
tions has been shown to avoid deconsolidation problems in the near-wellbore area of 
sandstone reservoirs. An example of such a surfactant is shown in Figure 5.13.169,170 
This self-diverting surfactant solution viscosifies as the acid spends and then 
decreases in viscosity as the acid spends even more.

An improved VES diverting pill solution is to use a viscoelastic amphoteric surfac-
tant, such as lecithin, with a quaternary amine polyelectrolyte capable of reacting with 
the amphoteric surfactant to increase the viscosity, and a nonaqueous solvent.171,172 The 
proposed polymer is a polyquaternary derivative of HEC. This has an advantage over 
many other micellar VES fluids because this mixture forms aggregated vesicles in 
solution, which are much larger than micelles. Thus, fluid leak-off is better controlled. 
Introducing a polyelectrolyte also reduced the surfactant loading and stabilizes the 
solution up to about 170°C (338°F).137 The fluids break at low pH or the fluids can con-
tain internal breakers such as persulfate salts. Other polymer/surfactant blends have 
been proposed to have superior viscoelastic properties than the surfactants alone.142

There are some surfactant/cosurfactant systems that are thermally sensitive, 
increasing in viscosity with temperature. The simplest system reported is CTAB with 
5-methyl salicylic acid.173 It does not appear that these systems have been exploited 
for use in oilfield chemicals.

A surfactant-based gelling acid stimulation package has been used to stimulate 
high–water-cut heavy oil wells.174 The treatment temporarily plugs water zones and 
effectively stimulates oil zones with chemical diversion. In addition, the acid system 
is claimed to have a unique inherent property to limit acid penetration in high–water-
saturation zones, while enhancing deeper penetration in high–oil-saturation layers.

5.8  radial Placement oF acidizing treatments

One problem encountered during acidizing of all formations, especially high-
 temperature formations, is that the acid is rapidly consumed by the reactive material 
immediately adjacent to the borehole before the acid can penetrate any significant 
distance into the formation. A hypothetical system that is so highly retarded that no 
reaction takes place while the acid is pumped into the reservoir has been proposed 
as the ultimate for a matrix treatment.175

“Good penetration” in matrix acidizing is usually considered to be a distance of a 
few meters, and in fracture-acidizing operations, a distance of 100–200 m. But there 
are several other ways to improve the penetration using so-called retarded acids:

oil-wetting surfactants•	
weak organic acids for carbonate acidizing•	
weak sandstone acidizing fluorinated agents•	
buffered organic acids•	
gelled or viscous acids•	
foamed acids•	
temperature-sensitive acid-generating chemicals and enzymes•	
emulsified acids•	
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5.8.1  Oil-wEtting SuRfACtAntS

Oil-wetting surfactants coat the pore surfaces slowing the rate of attack of acid. Some 
corrosion inhibitors and surfactant antisludging additives, discussed in Section 5.6, 
can also have this function. These systems are simple and applicable even in high-
 temperature wells.176,177 Emulsified acids are also oil-wetting systems (see Section 5.8.9).

5.8.2  wEAk ORgAniC ACidS

Weaker but more expensive acids than HCl such as acetic acid, formic acid, citric 
acid, ethylenediaminetetraacetic acid, glycolic acid, and tartaric or sulfamic acid 
can be used in carbonate acidizing to retard the acidizing process, especially in 
high-temperature wells where HCl may be spent very quickly. They are also less 
corrosive than inorganic acids. Blends of organic and inorganic acids can also be 
used. One study in high-temperature wells showed that organic acids did not show 
enough retardation, as only part of the interval was treated. Therefore, other retarda-
tion methods must be used in addition. For example, besides the methods discussed 
in this chapter, coated solid organic acid particles can be used, but the ion of the acid 
may not always be compatible with cations dissolved from the formation, e.g., Ca2+ 
with citrate ions in carbonate acidizing.205 HF, citric acid, and a phosphonate have 
been proposed for use in sandstone acidizing.178 A review of the advantages of the 
most commonly used organic acids, formic and acetic acid, has been published.4

5.8.3  wEAk SAndStOnE-ACidizing fluORinAtEd AgEntS

Deeper acid stimulation treatments for sandstones will avoid a rapid decline in pro-
duction by stabilizing fines and precipitation of acidization products near the well 
bore. Weaker sandstone-acidizing fluorinated agents have been proposed such as 
clay acid, HBF4, mixed with chelating agents to chelate aluminum species.179 HBF4 is 
generated by reacting boric acid (H3BO3) with HF. Reaction of HBF4 with sandstone 
is slower than with HF allowing the acid to penetrate deeper into the formation and 
avoid near-wellbore damage. Another system uses aluminum chloride that reacts 
with HF to generate aluminum fluoride species with lower acidizing rates than free 
HF. Ammonium bifluoride with a pentaphosphonic acid has also been proposed as a 
retarded sandstone acid with lower corrosivity than normal mud acids.180 By slowing 
down the kinetics, one can use these retarded acids for high-temperature applica-
tions. A review of sandstone-retarded acid systems has been published.181

5.8.4  BuffEREd ACidS

It has been proposed to use buffered acid solutions of pH 1.9–4 containing organic 
acids mixed with salts of organic acids and a phosphonate for sandstone acidizing. 
The main acid flush has a similar pH and works as a retarded acid giving deeper 
formation penetration.15 High pH-buffered systems have been used successfully in 
single stage sandstone acidizing treatments, eliminating the need for preflushes and 
overflushes.16 For carbonate formations, the use of aminopolycarboxylic anionic 
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species gives a slower reaction than HCl when the pH is in the preferred range of 
about 4–9.5.182

5.8.5  gEllEd OR viSCOuS ACidS

Polymer gels or VESs described earlier in this chapter can be used for better acid pen-
etration besides their use as diverters or self-diverters.120 Thus, their chemistry will 
not be repeated here. Such agents serve to thicken the acid solution and thus increase 
the viscosity thereof. These work as retarded acid solutions allowing deeper penetra-
tion of the acid. Higher viscosities are also advantageous in carbonate- fracturing 
acidizing operations in that the more viscous acidic solutions produce wider and lon-
ger fractures. Once penetration has been attained, the surfactant or polymer stability 
must be sufficient to permit the contact of the acidizing solution with the formation 
for a period sufficient for the acid in the composition to significantly react with the 
acid-soluble components of the formation and stimulate the production of fluids by 
creating new passageways or enlarging existing passageways through the formation. 
Gelled acids have about one-tenth of the diffusion rate of ungelled acids.

In one laboratory study, polyacrylamide used with HCl, formic, or acetic acids 
did not show any retardation whereas addition of xanthan to the acids did show 
acidizing retardation.183

A novel temperature-controlled gelled retarded acid has been developed for car-
bonate fracture acidizing based on using a specific polyquaternary polymer. This 
system is viscous during injection and penetration but loses its viscosity as it reaches 
the maximum reservoir temperature.184

5.8.6  fOAmEd ACidS

Besides their use as diverters, foamed acid treatments can be used as retarded acids, 
particularly in fracture acidizing (see Section 5.7.3 on foam diverters above). Many 
types of surfactants can be used to create foams, the best category are the nonionic 
surfactants such as ethoxylated alcohols. Fluorinated quaternary ammonium salts 
can help stabilize foams as can addition of polymers.185

5.8.7  tEmPERAtuRE-SEnSitivE ACid-gEnERAting ChEmiCAlS And EnzymES

One retardation approach for carbonate acidizing has involved the use of a treat-
ment fluid comprising an aqueous solution of an ester of acetic acid and, option-
ally, an enzyme that may facilitate cleaving the ester and releasing acetic acid so as 
to acidize the subterranean formation.186–188 Enzymes such as a hydrolase, a lipase, 
or an esterase have also been used to generate acetic acid from esters such as methyl 
acetate, ethyl acetate, methyl formate, or 1,2-ethanediol diacetate. Efficient delivery 
of the enzyme-generated acid to the open-hole section of a long horizontal well gave 
superior cleanup than HCl treatments.189 However, the use of such treatment fluids 
may be problematic for reasons such as the price of the enzyme, the cost and difficulty 
in providing storage for the enzyme (particularly in tropical and desert locations), the 
formation temperature, and that only a fraction of the theoretical acid is generated. 
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Ester-based systems that hydrolyze downhole without the need for enzymes can also 
be used.206 An example is a blend of 1,2,3-propanetriol diacetate and ammonium or 
potassium formate.

Formate esters that hydrolyze in aqueous media at reservoir temperatures to gen-
erate formic acid, a stronger acid than acetic acid, have been proposed as superior 
acid-generating products. For example, formate esters such as ethylene glycol mono-
formate or ethylene glycol diformate can be used to delay the formation of formic 
acid in carbonate acidizing allowing for greater penetration. This method also pre-
vents corrosion problems during injection.190

Another acid-generating system for acid fracturing of high-temperature carbon-
ate reservoirs is to use a solid polylactide and/or polyglycolic acid. These decompose 
in water at raised temperatures to give lactic and glycolic acids. The solid acid pre-
cursor may be mixed with a solid acid-reactive material to accelerate the hydrolysis 
and/or coated to slow the hydrolysis. Water-soluble liquid compounds are also given 
that accelerate the hydrolysis. The method ensures that the acid contacts fracture 
faces far from the wellbore.191,192

5.8.8  EmulSifiEd ACidS

Emulsified acids have been around as long as gelled acids as retarded acids to increase 
penetration. They can be used in fracture or matrix acidizing.193,194 The emulsion is 
usually acid in oil and is created by using an oil-soluble surfactant with a low HLB 
value (3–6). The emulsion is often designed to break at the reservoir temperature, 
releasing the aqueous acid phase. As emulsions have higher viscosities than the aque-
ous acid, they also have diverting properties.

Various surfactants have been proposed for making the emulsions, varying from cat-
ionic, anionic, and nonionic types. One early, commercially successful emulsified acid is 
based on a saturated hydrocarbon sulfonate and an alkylarylsulfonic acid or water-soluble 
salt thereof.195 Another system uses a long-chain amine, which becomes a quaternized, 
emulsifying surfactant only when blended with HCl.196 Blends have also been proposed 
such as a fatty amine and the diethanolamide of oleic acid.197 The viscosity of emulsified 
acids also gives them diverting properties besides being retarded acids. Acid-internal 
emulsions also have the advantage of avoiding corrosion problems during injection.

Acid stimulation emulsions can also be used to dissolve asphaltene deposits, 
another cause of formation damage, if the organic solvent phase is made up of 
asphaltene solvents such as xylenes. Alkyl or alkenyl esters of certain aromatic car-
boxylic acids, preferably isopropyl benzoate, can be used in the emulsion to give the 
product a more attractive toxicological and environmental profile.198

Emulsified acids can be formulated in such a way that the emulsion breaks when 
the acids spend.199 In this way, excessively high treating pressures, caused by flow 
of high viscosity emulsions in the formation, can be avoided. Emulsified acids with 
14–19 times the retardation of normal carbonate HCl-based acids have been reported. 
Emulsified acids are therefore also useful for high-temperature applications.200,201 
Emulsified 15% HCl was found to give good penetration in low-permeability dolo-
mite wells.202
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Microemulsions of acids have been claimed as improved retarded acids com-
pared with normal macroemulsions. Microemulsions are here meant thermodynami-
cally stable, isotropic solutions. An example of a surfactant that makes an acid-in-oil 
microemulsion is made by reacting 2 mol of a 2-ethylhexyl epoxide with 1 mol of 
ethanolamine and then quaternizing the product.203

Certain acid-external emulsions have also been shown to work as retarded acids. 
Mixtures of aqueous HCl, formic/acetic acids, a hydrocarbon, and an organic 
diphosphonate amine surfactant were shown to give long reaction times with car-
bonate cores.204
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6 Sand Control

6.1  introduction

Sand (or “fines”) production is common in many oil and gas wells throughout the 
world. The flow of abrasive sand through wells and production lines causes unwanted 
erosion of equipment, and its production may also exacerbate oil-water separation in 
the process facilities. There are a number of ways to reduce sand production mechan-
ically, including the use of screens, gravel packing, frac-packing, and modification 
to the perforation technique usually carried out at the well-completion stage. For 
poorly consolidated reservoirs, which are still producing excessive sand, chemical 
sand control can be an option. This can be especially rewarding for subsea wells if 
expensive intervention costs can be avoided.

6.2  chemical sand control

Chemical sand control has been carried out for many years with resins or epoxy, 
which harden unconsolidated sand. Typical systems are based on bisphenol 
A–epichlorohydrin resin, polyepoxide resin, polyester resin, phenol-aldehyde 
resin, urea-aldehyde resin, furan resin, urethane resin, and glycidyl ethers.1 If the 
resin comprises bisphenol A–epichlorohydrin polymer, a preferred curing agent is 
4,4- methylenedianiline. If the resin comprises a polyurethane, the curing agent is 
preferably a diisocyanate. The furan resin system is one of the most common: the 
key chemical is furfuryl alcohol and does not require a curing agent, as it is self-
polymerizing in the presence of acid catalysts2–3 (Figure 6.1). These systems are 
designed to maintain sufficient permeability of the formation to allow production. 
Self-diverting resin-based sand consolidation fluids have been claimed that allow a 
greater interval to be treated than conventional resin treatments.4 Most resin-based 
chemicals are not considered to be very environmentally friendly.

Various aqueous and nonaqueous tackifying chemicals including silyl-modified 
polyamides that impart a sticky character to sand particles, hindering their move-
ment, have been claimed.5 Cross-linked polymer gels, similar to those used in water 
shut-off treatments have also been proposed for sand consolidation.5–6 Polymer gel 
systems, such as those based on polyacrylamides, are claimed to impart a lower 
probability of failure to the formation compared to resin treatments.

Inorganic chemical systems for sand consolidation have also been developed. 
For example, a system based on an insoluble silica source and a source of calcium 
hydroxide (e.g., aqueous solutions of calcium chloride and sodium hydroxide) has 
been claimed.7 The components of the aqueous system react to produce a calcium 
silicate hydrate gel having cementitious properties within the pores of the formation. 
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An enzyme-based process for consolidation of sand with calcium carbonate has also 
been proposed.8 It requires calcium chloride, urea, and urease enzyme. The enzyme 
catalyzes the decomposition of urea to ammonia and carbon dioxide, raising the pH. 
In the presence of soluble calcium ions, insoluble calcium carbonate is formed that 
deposits on the sand and core, binding them together.

Since about 2005, a new sand-consolidation method based on organosilane chem-
istry has been developed and used in the field.9–13 In comparison to other treatments, 
this method only increases the residual strength of the formation by a small amount. 
The treatment is oil-soluble and will therefore not alter the relative permeability in 
the oil-bearing zones, thereby reducing the risk of increased skin due to changes in 
saturation. This system is especially beneficial for fields with low reservoir pres-
sure. The method is employed by simple bullheading and can have self-diverting 
properties. In laboratory studies, the organosilane treatment was shown to give bet-
ter overall performance with regards sand consolidation and moderate permeability 
reduction compared to other treatments such as water-soluble gelling polymers and 
the CaCl2/urea/enzyme system discussed earlier.

Preferred oil-soluble organosilanes that can be used are 3-aminopropyltriethox-
ysilane and bis-(triethoxy silylpropyl)amine or mixtures thereof (Figure 6.2). They 
are usually mixed in diesel and bullheaded into the well. The authors suggest that the 
presence of the amine function appears to result in better adsorption of the organosi-
lane to the sand grains. It is also believed that the presence of an amine group may 
contribute to the formation of a gel-like structure having viscoelastic properties. The 
authors suggest that the organosilane compounds react with water and hydrolyze. 
The resulting chemicals then react with siliceous surfaces in the formation (e.g., the 
surface of silica sand), coat any sand particles, and bind them in place by the forma-
tion of silicate bridges restricting their movement. The advantage of bifunctional 
organosilanes, such as bis-(triethoxy silylpropyl)amine, is their ability to bind two 
particles together. The organosilanes are claimed to be environmentally acceptable 
with low bioaccumulation potential and high biodegradation.14

Several types of wells have been treated with the organosilane system at a chemi-
cal concentration in the range of 5–7 vol.% of the active components. The first results 
in terms of sand production reduction were mixed, with the subsea well responding 
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Figure 6.2 3-Aminopropyltriethoxysilane and bis-(triethoxy silylpropyl)amine.
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best to the treatment. A moderate reduction in permeability was observed in some 
wells, which reduced the PI (production index) of the well by 10–15%. However, the 
production of the wells was limited by sand production levels, so such a reduction in 
PI was acceptable. Correct placement, especially in horizontal wells, was shown to be 
critical when it comes to performance with regards to increasing the maximum sand-
free rate (MSFR). Organosilanes used at higher concentrations than those for sand 
consolidation have also been claimed as chemicals for water shut-off treatments.15

Another claimed sand consolidation method, which imparts small incremental 
forces or a relatively weak residual strength to the formation, is by using a posi-
tively charged water-soluble polymer. Examples are polyaminoacids, such as polyas-
partate and copolymers comprising aspartic acid and proline and/or histidine, and 
poly(diallyl ammonium salts) such as polydimethyldiallylammonium chloride and 
mixtures thereof16 (Figure 6.3). It is thought that by virtue of its length and multiple 
positive charges, the polymer may interact electrostatically with a number of differ-
ent particles of the formation thereby holding or binding them together. In so doing, 
the polymer chain is likely to span the interstitial space between sand particles of the 
formation. The result is simply the formation of a “mesh-like” or “net-like” structure 
that does not impair fluid flow. Hence, the permeability of a subterranean forma-
tion treated according to the method described by the present invention is largely 
unchanged after treatment.
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monomer is the major component and the six-ring piperidinium monomer is the minor 
component.
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7 Control of Naphthenate 
and Other 
Carboxylate Fouling

7.1  introduction

Organic carboxylate salt scaling and/or naphthenate salt scaling is not such a wide-
spread problem in the oil-production industry as inorganic or organic scaling (waxes 
and asphaltenes), but it has received considerable research attention in response to 
increased production in areas such as West Africa, where naphthenate deposits are 
particularly troublesome. These salts, formed when oil-soluble aliphatic carboxylic 
and naphthenic acids come in contact with metal cations in the produced water, cause 
tight emulsions, ragged interfaces, deposition and, ultimately, separation difficulties.1

The carboxylate salts (known as soaps) are usually sodium salts of long-chain, 
linear organic acids with one carboxylic acid group. The sodium carboxylate soaps 
accumulate at oil-water interfaces and cause emulsion problems in the form of thick 
emulsion pads in the separator. Low total dissolved solids produced waters are 
more susceptible to emulsion problems caused by carboxylate soaps. As the size of 
long-chain carboxylic acids increases, so does the amount of carboxylate deposit. 
Increases in brine pH also increased the amount of deposit.2 Calcium salts of long-
chain carboxylic acids are much more oil-soluble than the sodium salts and are there-
fore much less of a problem.

Naphthenic acids are carboxylic acids in which the alkyl chain is connected to 
one or more saturated cyclohexyl or cyclopentyl groups. Naphthenate soaps are usu-
ally salts of divalent anions, particularly calcium. They are more prone to form-
ing deposits than the carboxylate soaps but can also cause emulsion problems.3–5 
Even fields with very low total acid number and fairly low calcium ion concentra-
tion can suffer from naphthenate deposition if damaging organic acids that lead 
to deposits are substantially present.6 Although both carboxylate and naphthenate 
production problems can occur in the same field, it is more common that only one of 
the two problems dominates. For example, Malaysian fields mainly have carboxylate 
problems whereas in West Africa, naphthenates are the major problem.

It was traditionally believed that the “damaging” naphthenic acids had molecu-
lar weights in the range of 200–500. However, more recent analysis of naphthenate 
deposits from a wide range of fields has shown that the main naphthenic acid com-
ponents are C80 tetra acids containing four to eight cyclic rings, sometimes referred 
to as ARN acids (Figure 7.1).7–9,20 On contact with produced waters, the tetra acids 
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form salts with divalent calcium ions, forming polymeric calcium naphthenate sticky 
solids, which harden on contact with air. The naphthenate solids foul pipelines and 
processing equipment, causing reduced production flow and, in worst-case scenarios, 
frequent unplanned shutdowns. However, many crudes that contain naphthenic acids 
do not cause an operational fouling problem.10 As naphthenate ions have surface 
activity, they can exacerbate emulsion problems, although sodium carboxylate soaps 
are a worse source of this problem.11–12

7.2  naPhthenate dePosition control using acids

Naphthenic acids are weak acids that exist in equilibrium with naphthenate ions. 
The higher the pH, the more dissociated the acid will become and the more likely 
that soap formation will occur at the water-oil interface. Thus, the traditional way 
to avoid naphthenate deposition is to lower the pH by adding an acid with a lower 
pKa value than naphthenic acids. Field experience has shown that lowering the pH to 
around 6.0 prevents the formation of naphthenate deposits. Further lowering of the 
pH has no additional benefit and causes worse corrosion problems.13 Typical acids 
that have been used include:

inorganic mineral acids such as phosphoric acid•	
small organic acids such as acetic acid or glycolic acid•	
surfactant acids such as dodecylbenzenesulfonic acid (DDBSA)•	

The addition of acid shifts the equilibrium away from naphthenate ions to naphthenic 
acids, which are less surface-active and less water-soluble and do not combine with 
metal ions to make salts. The most widely used acids to prevent naphthenate depo-
sition appears to be acetic acid (CH3COOH), followed by the stronger acid, phos-
phoric acid.14–15 Acetic acid is fairly volatile and can cause 12-o’clock corrosion in 
the flowline. The use of glycolic acid (HOCH2COOH) has been investigated and was 
found on one North Sea field to give less emulsion pad in the separator than acetic 
acid.6 Mineral acids such as hydrochloric acid (HCl) have been used to temporarily 
remove naphthenate scaling problems. A mutual solvent such as monobutyl glycol 
ether (C4H9OCH2CH2OH) or isopropyl alcohol (CH3CH(OH)CH3) can be added to 
increase the solvency. Hydrocarbon solvents have also been used.16 Phosphoric acid 
(H3PO4) has been used to prevent sodium carboxylate formation. DDBSA, often in 
combination with acetic acid, has been used for soaps control.13

COOH

COOH

HOOC

HOOC

Figure 7.1 One of the naphthenic acids (ARN) responsible for naphthenate fouling.
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7.3  low-dosage naPhthenate inhiBitors

The amount of acid required to prevent naphthenate or carboxylate soap problems 
is based on the total water phase and its pH, not on the concentration of naphthenic 
or carboxylic acids. Thus, prevention of these problems by the injection of acids can 
be a fairly expensive procedure and dosages must be carefully controlled to avoid 
excessive corrosion problems. A more recent method to prevent naphthenate deposi-
tion is to add a low-dosage naphthenate inhibitor (LDNI). LDNIs are still in their 
infancy, but a few patents detailing chemical structures have appeared. For exam-
ple, alcohols or alkyl ethoxylates reacted in a 2:1 ratio with phosphorus pentoxide 
(P2O5) give a mixture of monophosphate and diphosphate esters suitable as LDNIs 
(Figure 7.2).17 Other phosphate esters of polyols have been claimed.21 It is believed 
that these LDNIs exhibit surface-active properties that cause the inhibitors to align 
and concentrate in a layer at the oil-water interface and thereby prevent interactions 
between organic acids in the oil phase with cations or cation complexes in the water, 
that is, the LDNIs are therefore more interfacially active than naphthenic acid. In one 
field application, to prevent emulsion problems due to either naphthenates or LDNI, 
a demulsifier was added.12 It is believed that the physical positioning and geometry 
of the naphthenate inhibitor blocks the growth of naphthenate salt crystals. It is pre-
ferred that the naphthenate inhibitors also avoid the formation of oil-in-water and 
water-in-oil emulsions. Dosages up to about 100 ppm can be used.

Phosphonate end-capped water-soluble polymers have been claimed as soap con-
trol agents.18 An effective polymer in this class will scavenge the calcium from the 
crude oil and migrate into the water phase. Therefore, the efficacy of the soap control 
agent is directly proportional to the calcium ion concentration. The polymers are 
polyvinyl polymers and also contain sulfonate and/or carboxylate groups. They can 
also prevent inorganic scale deposition.

Quaternary ammonium or quaternary phosphonium compounds have also been 
claimed as LDNIs.19 Examples are cocoalkylmethyl-bis(2-hydroxyethyl) ammonium 
chloride, cocoalkylmethyl [polyoxyethylene (15)] ammonium chloride, and tetrakis-
hydroxymethyl phosphonium sulfate. The first two compounds are surfactants and 
would be expected to work by replacing naphthenate ions at the oil-water interface. 
The latter compound is also a biocide and sulfide scale dissolver. The same patent 
also claims linear compounds having at least two carboxylic acid or acrylic acid 
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Figure 7.2 Monophosphate and diphosphate esters that together function as LDNIs: n = 
0–9, R = alkyl.
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functional moieties such as polyacrylic acids or polymaleates, useful also as inor-
ganic scale inhibitors. In fact, any surfactant that can interact with a naphthenic acid 
to prevent a subsequent interaction with a metal ion to produce solids or emulsions 
could potentially be used.
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8 Corrosion Control 
during Production

8.1  introduction

Internal and external corrosion of downhole tubing and equipment, subsea or 
surface pipelines, pressure vessels, and storage tanks is a major problem in the oil 
and gas industry.1–3,14 Besides basic wastage of metal, either generally or locally, 
the consequences of electrochemical corrosion can also be embrittlement and 
cracking, all of which can lead to equipment failure. Corrosion of iron in steel 
requires the presence of water and aqueous species that can be reduced while the 
iron is oxidized. Oxygen, acid gases such as CO2, H2S, and natural organic acids 
in the produced fluids all contribute to corrosion. Corrosion is an electrochemical 
redox (reduction and oxidation) process whereby localized anodic and cathodic 
reactions are set up on the surface of the metal. The basic chemical corrosion 
processes are illustrated in Figure 8.1. Entrainment of hydrogen atoms into the 
metal is one cause of its embrittlement. Embrittlement and cracking of metals 
are unpredictable and give rise to conditions under which catastrophic failure 
may occur.

In an acid solution, the cathodic reaction is

 2H+ + 2e− → 2H

 H + H → H2

The reaction of hydrogen atoms to form diatomic hydrogen is poisoned by sulfide 
species. Thus, the entry of hydrogen atoms into the metal matrix is accelerated by 
the presence of sulfides in the produced fluids (sour fluids) and may lead to sulfide 
stress cracking. These forms of corrosion generally occur later in service life and are 
not easily prevented by application of chemical inhibitors.

The removal of H+ ions leaves OH− (hydroxide) ions in solution. In neutral or basic 
solution, the cathodic reaction is

 O2 + 2H2O + 4e− → 4OH−

At the anode, iron is oxidized:

 Fe → Fe2+ + 2e−
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The generated hydroxide ions react with the iron(II) ions to form insoluble 
iron(II) hydroxide:

 Fe2+ + 2OH− → Fe(OH)2

In the presence of oxygen, iron(II) hydroxide can be oxidized to iron(III) hydrox-
ide, Fe(OH)3. There is little oxygen corrosion in production as the produced fluids 
are usually anaerobic. However, ingress of oxygen into well annuli, into the vapor 
space in tanks, and through pump packing becomes more commonplace in mature 
oilfields, which have less gas pressure, so traces of oxygen can be present. A labo-
ratory study has shown that inhibition of corrosion in CO2/O2 systems was more 
difficult than in CO2 alone but could be accomplished.4 Oxygen corrosion is more 
prevalent in seawater injection wells where the level of dissolved oxygen in seawater 
is about 9 ppm. This is best treated by removing the oxygen from the water and/or 
using an oxygen scavenger. Besides oxygen corrosion, CO2 corrosion (“sweet” cor-
rosion) is very common in oil and gas production. H2S corrosion (“sour” corrosion) 
is more severe than CO2 corrosion. The key species that are chemically reduced in 
CO2 corrosion are H+, HCO3

−, H2CO3, which are all present in the water phase.5 
After corro sion has taken place, this will lead to dissolved iron species as well as 
scales such as FeCO3, which deposit on the steel. These can form a useful protective 
barrier reducing the apparent rate of general corrosion, however, localized corro-
sion can still take place under the scale layer, in so-called underdeposit corrosion.6,7 
For H2S corrosion, the relevant reduced species are H2S, H+, and HS−, which, after 
reaction with iron, can lead to iron sulfide scales such as FeS. Like FeCO3, FeS can 
form a protective barrier hindering further corrosion.8 CO2 and H2S corrosion rates 
generally increase with increasing temperature, pressure, and salinity (electrolyte 
concentration) of the produced fluids.

There are many types of corrosion that occur in the oilfield, including:

general corrosion•	
localized corrosion•	
pitting and crevice corrosion•	
galvanic corrosion•	
erosion corrosion•	

AnodeCathode
e–

OH– OH–

H+H Fe(OH)2

Fe

Fe2+

Fe2+
Aqueous phase

Iron metal

Figure 8.1 Corrosion cell reactions.
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microbially influenced corrosion (MIC)•	
cracking corrosion•	

General corrosion is uniform wastage of metal along the whole tubing or flowline and 
the easiest to manage. Localized corrosion is more common and occurs at specific 
points. Galvanic corrosion is a process in which one metal corrodes preferentially 
when in electrical contact with a different type of metal and both metals in contact 
with an electrolyte. Pitting and crevice corrosion are similar types of extreme local-
ized corrosion that leads to the creation of small holes in the metal. Pitting corrosion 
is particularly prevalent at high chloride ion concentrations. Erosion corrosion is 
also called flow-induced localized corrosion. Erosion corrosion is a complex materi-
als degradation mechanism involving the combined effects of mechanical erosion 
and electrochemical corrosion. It is known to be induced by high shear stresses in 
strong flows. MIC is a very prevalent corrosion caused by chemical processes initi-
ated by the metabolism of anaerobic microorganisms in the produced fluids.9–12 The 
reduction of sulfate ions by sulfate-reducing bacteria (SRBs) under anaerobic condi-
tions is of particular concern. Most MIC takes the form of pits that form underneath 
colonies of bacteria, also known as biofilms and which frequently develop within 
mineral and biodeposits. Biofilm creates a protective environment where conditions 
can become corrosive and corrosion is accelerated. Surface scale formation is one of 
the critical factors governing localized corrosion rates.13

8.2  methods oF corrosion control

There are a number of ways of mitigating corrosion including:14

using corrosion resistant alloys (CRAs)•	
water removal (by pigging or dehydration)•	
cathodic protection•	
coatings•	
corrosion inhibitors•	
oxygen and H•	 2S scavengers
biocides for preventing MIC (see Chapter 14)•	
pH stabilization•	
drag reduction•	

CRAs such as chrome steels are expensive but are sometimes used downhole 
where corrosion rates would be unacceptably high with normal carbon steels. 
In the North Sea and the Gulf of Mexico, tubular steel is usually 13Cr or 22Cr, 
with duplex steels being preferred for high-temperature wells. In other producing 
regions, carbon steel may be selected for downhole service, this decision being 
made by consideration of the relative costs of installing expensive CRAs against 
the operational costs of batch treatment with inhibitors. The presence of H2S will 
also influence metallurgy selection. Regular and occasional downhole batch treat-
ment by bullheading a corrosion inhibitor (tubing displacement) is often used in 

© 2009 by Taylor and Francis Group, LLC

  



198 Production Chemicals for the Oil and Gas Industry

onshore wells to protect carbon steel. Emulsified corrosion inhibitors are claimed 
to perform better.34

Water removal by pigging can minimize localized corrosion where water collects 
in low points. Coatings including paints and plastics are sometimes used in the oil 
industry, especially for corrosion-sensitive locations. This is partly due to cost and 
partly due to the fact that coatings can be eroded away by abrasive sands/fines and 
other particles reexposing the steel.

Cathodic protection using impressed current devices and sacrificial anodes of 
aluminum or zinc (so-called galvanizing) is commonly used to protect external sur-
faces of flowlines or submerged structures such as rig legs. Sacrificial anodes are 
not used for internal corrosion control: they would be rapidly eroded and chemically 
attacked by the nature of the fluids within. However, deoiling tanks may have sacri-
ficial anodes. Coatings would also suffer the same fate over time due to erosion.

Corrosion due to oxygen and H2S can be reduced by the use of scavengers (see 
Chapters 15 and 16, respectively). This will not eliminate CO2 corrosion, the con-
centration of which is usually much higher than that of oxygen and H2S in produced 
fluids and thus expensive to scavenge. The concentration of H2S, and other chemicals 
produced by bacteria that can cause corrosion, can be reduced by adding biocides 
(see Chapter 14).15 Biocides are used both upstream and downstream of the separator. 
The largest use of biocides is to minimize MIC in water injection systems.

A method that has been used for corrosion control in wet gas pipelines is the use 
of pH stabilizers. pH stabilizers, such as metal hydroxides, metal carbonates, and 
bicarbonates or amines, can raise the pH of the produced aqueous fluids promoting 
formation of solid deposits such as FeCO3, which forms a hard protective layer on the 
metal surface.16 The pH stabilization technique is well-suited for use in combination 
with monoethylene glycol as hydrate inhibitor, because the pH stabilizer will remain 
in the regenerated glycol. This means that there is no need for continuous renewal of 
the pH stabilizer. The method has been used offshore Norway and the Netherlands. 
The pH stabilization technique has been used mostly for wet gas pipelines without 
H2S in the gas but is now being taken into use also for pipelines in the Persian Gulf, 
where there are considerable amounts of H2S in addition to CO2.6 An article describ-
ing efforts to develop corrosion inhibitors with glycol that prevent severe corrosion 
in wet gas systems has been published.17

Drag reduction, using drag-reducing agents (DRAs) can reduce the severity of 
flow-induced localized corrosion, and concomitantly, some film-forming corrosion 
inhibitors have drag-reducing properties (see Chapter 17 on DRAs).18,19 Combinations 
of water-soluble high molecular weight drag-reducing polymers and surfactant-based 
film-forming corrosion inhibitors can give effective corrosion inhibition of iron and 
steel alloys in contact with oil-in-brine emulsions.20

8.3  corrosion inhiBitors

Corrosion inhibitors can be categorized as follows:21,22

passivating (anodic)•	
cathodic•	
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vapor-phase or volatile•	
film-forming•	

For protection of oil, condensate, and gas production lines, which are essentially 
anaerobic, the film-forming corrosion inhibitors (FFCIs) are mostly used, sometimes 
with synergists. These will be discussed in detail shortly, after a brief discussion of 
the other categories of corrosion inhibitors. Corrosion inhibitors suitable for acid-
stimulation treatments are dealt with separately in Chapter 5 (Acid Stimulation).

Passivating corrosion inhibitors are not used in oil and gas production. They work 
best in low-salinity applications such as utility systems (freshwater or condensate 
water systems). A passivating corrosion inhibitor leads to the formation of a non-
reactive thin surface film on the metal that stops access of corrosive substances to 
the metal, inhibiting further corrosion. All passivating inhibitors can accelerate cor-
rosion if underdosed. Some passivating inhibitors require the presence of oxygen. 
These include:

phosphate (PO•	 4
3−) and polyphosphates

tungstate (WO•	 4
2−)

silicate (SiO•	 3
2−)

Inhibitors that do not require the presence of oxygen include:

chromate (CrO•	 4
2−)

nitrite (NO•	 2
−)

molybdate (MoO•	 4
2−)

meta-, ortho-, and pyrovanadates (NaVO•	 3, Na3VO4, and Na4V2O7, respectively)

Several of the passivating inhibitors are metal anionic species. Chromate is carcino-
genic and, therefore, now not recommended for use. Phosphates or polyphosphates 
are nontoxic, but due to the limited solubility of calcium phosphate, it is difficult 
to maintain adequate concentrations of phosphates in many instances. Molybdate 
works in anaerobic conditions but works even better with oxygen present.23,24 Nitrite 
is another good passivating or anodic inhibitor. If anodic inhibitors are used at too 
low a concentration, they can actually aggravate pitting corrosion, as they form a 
nonuniform layer with local anodes. Nitrite has been used to reduce corrosion in 
hot water bundles.25 Vanadates in blends with 2,4 diamino-6-mercapto pyrimidine 
sulfate (DAMPS) have been shown to perform well as an H2S corrosion inhibitor on 
carbon steel.26

Cathodic inhibitors are not used in production operations but have been used in 
drilling fluids.

An example of a cathodic inhibitor is zinc(II) ions in zinc oxide, which retards the 
corrosion by inhibiting the reduction of water to hydrogen gas.

Vapor-phase corrosion inhibitors (VpCIs) are organic compounds that have suf-
ficient vapor pressure under ambient atmospheric conditions to essentially travel to 
the surface of the metal by gas diffusion and physically adsorbing onto the surface.27 
Examples are:
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dicyclohexylamine nitrite•	
dicyclohexylamine carbonate•	
diethylamine phosphate•	
small volatile amines such as trimethylamine•	
benzotriazole•	

In the presence of moisture, a VpCI molecule becomes polarized and different parts 
of the molecule will be attracted to the anode and the cathode of the metal. For exam-
ple, cyclohexylamine nitrite will form the cyclohexylammonium cation and nitrite 
anion. The cation adsorbs to the metal and the hydrophobic part of the molecule 
forms a protective barrier to contaminants such as oxygen, water, chlorides, and other 
corrosion accelerators. With the protective barrier in place, the corrosion cell cannot 
form and corrosion is halted. The anion will also act as a corrosion inhibitor.

Small neutralizing volatile amine VpCIs are occasionally used in wet gas lines 
or gas coolers but are less practical as once-through gas-phase corrosion inhibitors 
since concentrations need to be relatively high. The objective of the use of the small 
amines is not to neutralize all the acid gas in the gas stream, only the amount that 
dissolves in any condensed water. Small amines are also used in closed-loop appli-
cations. Blends of light amines and imidazolines (discussed under Section 8.4 film-
forming corrosion inhibitors) have been shown to be good for inhibition of vapor 
phase corrosion in gas pipelines.28 Aminocarboxylate VpCIs have been used with 
film-forming corrosion inhibitors for oil and gas pipeline applications.29

8.4  Film-Forming corrosion inhiBitors

FFCIs are particularly useful for the prevention of chloride, CO2, and H2S corrosion. 
They can be deployed in continuous injection or batch treatment either downhole or 
at the wellhead. Encapsulated time-release pellets containing FFCIs have also been 
deployed downhole.30,31 CI squeeze treatments in production and water supply wells 
have also been reported.32,33 Emulsified CI compositions to prevent corrosion and 
hydrogen embrittlement in oil wells have been claimed.34 Other examples are emulsi-
fied blends of thiophosphates and pyrophosphates.35

8.4.1  hOw film-fORming CORROSiOn inhiBitORS wORk

The effectiveness of an FFCI is partly determined by the strength of its adsorption 
to the metal surface (or a ferrous scale surface such as siderite, iron carbonate) form-
ing a protective layer that physically prevents corrosive chemicals such as water and 
chloride ions from penetrating to the metal surface.36 FFCIs can be small molecules 
or polymers. However, many FFCIs are organic amphiphiles (surfactants) with a 
polar headgroup and a hydrophobic tail. The headgroups are designed to interact 
with iron atoms on the surface and the hydrophobic tails attract liquid hydrocar-
bons forming an oily film, which further prevents the corrosive aqueous phase from 
penetrating to the metal surface (Figure 8.2). If the tail is long, a protective double 
layer (bilayer) of surfactant FFCI with or without a cosurfactant or solvent can also 
be formed.37 It has been shown that under some multiphase flow conditions, parts 
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of the pipe wall are left unprotected by surfactant FFCIs, giving the possibility of 
localized corrosion.38 There are also a number of corrosion inhibitors, both small 
molecules and polymers, which adsorb onto metal surfaces but do not have large 
hydrophobic tails, and therefore do not attract the liquid hydrocarbon phase to the 
metal surface. Thus, the “film” is probably made up of the inhibitor alone or as iron 
complexes, yet this still gives good corrosion inhibition. These will still be referred 
to as FFCIs. Examples are discussed later in this section. Computer modeling and 
quantitative structure-activity relationship (QSAR) analysis have been used to help 
design improved or more environment-friendly FFCIs.39–41

Some FFCIs are better than others at preventing corrosion underneath solid 
deposits such as siderite or weld corrosion.42–44 Other FFCIs are particularly good 
at preventing erosion corrosion.45 A novel multifunctional corrosion inhibitor for-
mulation that is extremely effective at removing oily deposits (“schmoo”) from the 
internal surface of pipeline has been reported.46 The structures of the FFCIs in these 
categories are not described in the references given.

8.4.2  tESting CORROSiOn inhiBitORS

There is a whole gamut of methods for corrosion inhibitor testing in the oil industry. 
These include the following:

bubble or kettle test•	
rotating cylinder electrode (RCE) test•	
rotating disc electrode (RDE) test•	
jet impingement test•	
high-shear autoclave•	
rotating cage test•	
flow loop test•	
wheel test•	
static test•	

The objective of a corrosion test is to measure weight loss over time, observe surface 
changes, or measure current flow and interpret that as a corrosion current. In many 
of the above tests, metal coupons of the same composition as the pipe are placed in 
the apparatus. Corrosion rates are usually monitored using linear polarization resis-
tance or electrochemical impedance spectroscopy.47 From this, the rate of corrosion 
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Figure 8.2 Effect of a film-forming corrosion inhibitor surfactant.
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as the number of millimeters of metal loss per year can be calculated. Pitting cor-
rosion can be observed using optical microscopy or scanning electron microscopy. 
In reality, the film-forming corrosion inhibitor will be exposed to turbulent fluid 
flow, which can lead to the inhibitor being stripped from the pipe walls if it does not 
adsorb well. Therefore, at some stage, a test with turbulent flow needs to be carried 
out to qualify an inhibitor. For low-cost, initial chemical screening under low-shear 
conditions, the bubble test is often used. The RCE and RDE tests are fairly simple 
low-cost methods to test corrosion inhibitors under medium shear stress or turbulent 
regimes. More realistic but more expensive tests can be carried out in flow loops. 
The jet impingement test or high-shear autoclave are useful for very high shear con-
ditions that lead to flow induced localized corrosion such as slug flow.49 Flow loops 
can also be used.50 Flow loop test procedures for investigating erosion corrosion have 
also been reported.45,51 Techniques for measuring pitting and weld corrosion have 
been reported.44 For multiphase well streams, the effect of the liquid hydrocarbon 
phase will also need to be addressed as the FFCI will partition between this phase 
and the aqueous phase. Preferential oil-wetting of the metal surface may also occur. 
The effects of solids in removing inhibitors from solution by adsorption may also 
need evaluating. For more information on FFCI test methods, the reader is referred 
to two useful, short reviews with many references comparing the laboratory tests 
methods for evaluating FFCIs.52–54 Further, articles describing test procedures that 
can help users test and select inhibitors for CO2/H2S corrosion in a fast and cost-
effective manner has also been published.55 Finally, a review of analysis methods for 
FFCIs has also been published.56

Compatibility testing of FFCIs with other production chemicals often needs to 
be carried out. For example, many FFCIs adversely affect the performance of scale 
inhibitors and kinetic hydrate inhibitors (see Chapters 3 and 9). Other compatibility 
tests for FFCIs include thermal stability, foaming, solvent flashing, and compatibil-
ity with materials such as elastomeric seals. For example, in gas systems, it is fre-
quently required that FFCIs possess low foam-creating properties. Further, an FFCI 
should not exacerbate the formation of emulsions, making oil-water separation more 
difficult.

8.4.3  EffORtS tO dEvElOP mORE EnviROnmEnt-fRiEndly film-fORming  
CORROSiOn inhiBitORS

There has been a traditional preference for oil-soluble FFCIs in the oil and gas 
industry. For example, due to some oil-soluble FFCIs having better thermal stabil-
ity, they perform better than water-soluble FFCIs in downhole continuous injection 
applications. Oil-soluble FFCIs will have a high bioaccumulation potential and tend 
to be toxic, but greener oil-soluble FFCIs have been developed.57 There have also 
been developed better water-dispersible or water-soluble FFCIs. This is because 
many fields are in tail production and are producing more water than hydrocar-
bons. Efficiency can be improved by utilizing the majority fluid in the wells as the 
carrier for the inhibitor. Also, toxic aromatic carrier solvents used for oil-soluble 
FFCIs can be replaced by water or other more environment-friendly solvents for the 
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water-soluble FFCIs such as alcohols and glycols. The solubility of FFCI surfactants 
can be changed by the hydrophilicity of the headgroup or by varying the length of 
the hydrophobic tail. However, if the tail is too short (usually less than 12 carbons), a 
good oily film of hydrocarbons with the FFCI will not form on the metal surface to 
prevent corrosion.58 Conversely, FFCIs with very long hydrophobic tails (> C20) may 
be ripped off the walls at very high shear. The FFCI water solubility, r dispersibility 
can also be changed by using cosurfactants; although in some cases, this can lead 
to reduced film formation and film persistency. Cosurfactants may also exacerbate 
emulsion problems.

Many of the traditional FFCI surfactants discussed later, particularly nitrog-
enous surfactants, exhibit fairly high toxicity. Therefore, there has been a demand to 
develop less-toxic FFCIs and/or products, which readily biodegrade to smaller less 
toxic chemicals. One method to reduce toxicity is to reduce the length of the hydro-
phobic tail of the FFCI surfactant to about below eight or nine carbon atoms. This 
will also give a more water-soluble product with lower bioaccumulation potential. 
However, this reduction in chain length will greatly reduce the film-forming proper-
ties of the FFCI giving little corrosion protection. However, the efficacy of the FFCI 
can be increased by combination with a wetting agent, such as an ethoxylated alco-
hol having from about eight to ten carbon atoms. This has been demonstrated with 
ethoxyimidazolines.59 For quaternary ammonium FFCIs or imidazolines, which 
could be protonated in acid media, a method to reduce their toxicity is to make the 
molecules zwitterionic, that is, by neutralizing the positive charge on the head group 
by adding anionic groups such as carboxylate groups. Monomeric or polymeric 
FFCIs, such as the biodegradable polyamino acids or various sulfur-nitrogen com-
pounds, with little or no hydrophobic tails have also been developed, which are lower 
in toxicity than many surfactant FFCIs. These essentially hydrophilic polymers will 
not attract liquid hydrocarbons to help form a hydrophobic film at the metal surface, 
but they can cover the metal surface adequately by themselves to prevent corrosion. 
For example, polyaminoacids are now used as biodegradable combined corrosion 
and scale inhibitors. These and other categories of FFCIs are discussed below with 
their environmental properties, where known.

8.4.4  ClASSES Of film-fORming CORROSiOn inhiBitORS

Regarding the structure of FFCIs, most contain heteroatoms in one or more head-
groups, which bind via lone electron pairs to iron atoms on the metal surface. 
Typically, one finds nitrogen, phosphorus, sulfur, and oxygen atoms in the head-
group. The most common categories of surfactant FFCIs are:

phosphate esters•	
various nitrogenous compounds•	
sulfur compounds often with other heteroatoms such as nitrogen•	

Biodegradable and low-toxicity polyaminoacids have also been used in environmen-
tally sensitive areas. The various nitrogenous compounds include:
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amine salts of (poly)carboxylic acids•	
quaternary ammonium salts and betaines (zwitterionics)•	
amidoamines and imidazolines•	
polyhydroxy and ethoxylated amines/amidoamines•	
amides•	
other heterocyclics•	

Amines such as fatty alkyldiamines and polyamines with hydrophobic tails have also 
been claimed as FFCIs.60 Besides film-forming properties, amines will help neutral-
ize corrosive carbonic acid (H2CO3) and hydrogen sulfide (H2S) in the aqueous phase. 
Oxazolines, pyrrolinediones, and rosin amines have also been claimed as FFCIs 
in older patents but are not in general use today. Some FFCIs work synergistically 
together, for example, imidazolines and phosphate esters are often used together. 
Many other corrosion inhibitor formulations including two or more classes of FFCI 
are possible. Thus, one FFCI may be best at protecting the cathode on the ferrous 
metal surface, while another protects the anode, or a blend of two products may pro-
duce a better film. Potentially cheap and environment-friendly corrosion inhibitors 
based on natural products such as tobacco extract, molasses, and extracts of leaves 
and plants have been investigated but more work is needed to make them commer-
cially competitive.61,62 Small inorganic molecules such as passivating inhibitors can 
also be added to improve the corrosion protection or other synergists such as sodium 
thiosulfate or thiophosphate.63,64 In certain applications, however, particularly in the 
presence of SRB, thiosulfate can cause pitting, crevice corrosion, and stress corro-
sion cracking of iron-base alloys. It can also act as an oxidizing agent and be reduced 
by thiosulfate-reducing bacteria further contributing to localized corrosion.65

There are many articles and conference papers discussing results on new FFCIs 
but rarely with the chemistry described. Therefore, most of the following references 
on FFCIs are taken from the patent literature.

8.4.4.1  Phosphate esters
Phosphate esters, both monoesters and diesters, are good FFCIs and are often used 
in blends with other classes of FFCI. They are made by reacting alcohols or alkyl-
phenols, or alkoxylated derivatives of such, with phosphating agents such as phos-
phorus pentoxide or orthophosphoric acid.66 A mixture of both the monoester and 
diester is formed (Figure 8.3), which, having different hydrophilicities, will parti-
tion between the liquid hydrocarbon and water phases. Phosphate esters containing 
hydrophobic nonylphenol group have been shown to be considerably more effective 
FFCIs then linear or branched aliphatic phosphate esters.67,68 Nonylphenol diesters 
seem to be more effective then the corresponding monoesters. Phosphate esters form 
fairly insoluble Fe(II) and Ca(II) salts, which may deposit on the pipe walls, hinder-
ing further corrosion.69 Phosphate esters of poly-oxyalkylated thiols (e.g., octyl or 
dodecyl mercaptan reacted with various amounts of ethylene oxide) are especially 
useful as pitting FFCIs.70 They have been claimed as FFCIs for ferrous metals, par-
ticularly in deep gas wells.71 Poly(oxy-1,2-ethandiyl) tridecyl hydroxy phosphate has 
been claimed as a preferred FFCI in formulations with quaternary ammonium salt 
FFCIs such as didecyldimethyl quaternary ammonium chloride and thiocarbonyl 
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compounds.72 Amine salt reaction products of phosphate esters with various amines, 
such as acylated polyamines, morpholine, and ethoxylated fatty amines, have 
been claimed as inhibitors for general corrosion and cracking-type corrosion with 
improved environmental properties.73,74

8.4.4.2  amine salts of (Poly)carboxylic acids
Amine salts of fatty carboxylic acids have long been used in FFCI formulations. 
The amine is typically a trialkylamine, alkylpyridine, alkylquinoline, or imidazo-
line. Blends with mercaptocarboxylic acid amine salts have been claimed to give 
improved performance.75 Oil-soluble dimer/trimer acid–based FFCIs are produced 
by the thermal condensation of functionalized C18 fatty acids (containing one or 
two double bonds, e.g., oleic and linoleic acids) to give varying amounts of C36 
(dimerized) and C54 (trimerized) fatty acids. These dimer and/or trimer fatty acids 
are neutralized with an appropriate amine to produce a corrosion inhibitor.76 A 
related patent claims the reaction products of maleic anhydride or fumaric acid with 
tall oil fatty acids, neutralized with an appropriate amine, to produce oil-soluble cor-
rosion inhibitors.77 Dimer/trimer mixtures are usually coformulated with materials 
such as fatty acid imidazolines and certain oils. C22 tricarboxylic acids neutral-
ized with aminoethylethanolamine, an imidazoline, or an amidoamine have also 
been claimed as water-soluble FFCIs.78 An FFCI with excellent film-forming and 
film-persistent characteristics may be produced by first reacting a polybasic acid or 
maleated fatty acids with a polyalcohol to form a partial ester, which is then reacted 
with imidazoline and/or fatty diamines to salt the ester.79,80 The oil or water solubil-
ity of the product can be varied by the addition of cosurfactants. Amine salt FFCIs, 
specifically claimed to be environment-friendly, can be made by reacting an acid 
selected from the group consisting of a fatty acid anhydride and a 21-carbon dibasic 
acid with an alkylamine or imidazoline.81 The product is formulated by dissolving 
the inhibitor in a fatty acid oil or ester, adding water-dispersing agents consisting of 
sulfonates and a long-chain ethoxylated alcohol and adjusting the viscosity with an 
alcohol such as isopropanol.
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Figure 8.3 Structures of typical phosphate ester FFCIs.
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8.4.4.3  Quaternary ammonium and iminium salts and zwitterionics
Quaternary ammonium surfactants have long been known as FFCIs. They are rarely 
used alone but have been used in blends with other FFCIs. They are usually quite 
toxic, many of them being also useful as biocides, which can help prevent biofilm for-
mation and thus underdeposit corrosion. Typical surfactants include benzalkonium 
chlorides, such as fatty alkyl benzyl dimethylammonium chlorides, alkyl pyridine 
quaternary surfactants, ethoxylated quaternary ammonium surfactants, and sur-
factants with two long alkyl chains such as didodecyldimethylammonium chloride 
(Figure 8.4). Didecyldimethyl quaternary ammonium chloride is claimed as a pre-
ferred quaternary surfactant FFCI for downhole applications either alone or blended 
with additional components such as phosphate esters and thiocarbonyl compounds.72 
Bis-quaternary ammonium surfactants, as well as amine oxides, based on derivatives 
of ethylene diamine have also been claimed.82 All these quaternary surfactants can 
be made more biodegradable by placing weak links between the long alkyl chain and 
the quaternary nitrogen atom. The most common weak link is an ester group, which 
can be hydrolyzed. However, the resulting smaller, less surface-active quaternary 
ammonium compound produced degrades only very slowly. Quaternary surfactant 
anti- agglomerant low-dosage hydrate inhibitors (AAs) also function as FFCIs. Thus, 
when AAs are used on a continuous basis, it may be unnecessary for other special-
ized corrosion inhibitors (see Chapter 9).

Zwitterionics such as betaines can also function as FFCIs and are generally signif-
icantly less toxic than ordinary quaternary surfactants (zwitterionic imidazolines are 
discussed later). Betaines, which are amphoteric, also contain a quaternary ammo-
nium center but the counter ion is now covalently bonded to the surfactant as a car-
boxylate group.83,84 Long-chain alkyl propylenediamine FFCIs reacted via Michael 
addition with at least 1 mol acrylic acid also show low marine toxicity, lower than the 
original diamine.85 They are probably zwitterionic in aqueous solution. In general, 
the toxicity of these products decreases with increasing acrylic acid substitution.

Zwitterionic water-soluble iminium compounds have also been claimed as FFCIs 
(Figure 8.5).86 Preferred examples are made by reacting imines with acrylic acid.

Under some conditions, certain bis-quaternary ammonium surfactants have been 
claimed to perform better as FFCIs than mono-quaternary surfactants.87,88 They 
can be made by reacting an epihalohydrin with 2 mol of a tertiary amine, such as 
dimethyldodecylamine, one of which can be protonated with acid. Quaternary or 
alkoxylated derivatives of hydrocarbon-soluble polyalkylenepolyamines show good 
CO2 corrosion inhibition.89 A biodegradable polymeric quaternary ammonium salt 
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Ŕ ´
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Figure 8.4 Quaternary ammonium, alkyl pyridine quaternary, and zwitterionic betaine 
FFCIs.
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biocide that also functions as an FFCI is made by reacting a polyepihalohydrin with 
a tertiary amine.90 The polyepihalohydrin is prepared by a polymerization reaction 
of an epihalohydrin in the presence of a monomeric polyalcohol, such as glycerin. 
Typical amines are dodecyldimethylamine or imidazoline condensed with 4 mol of 
ethylene oxide or alkyl pyridines. Thiazine quaternary ammonium salts of polyepi-
halohydrin have also been claimed as FFCIs besides other uses.91

Quaternary surfactants with four alkyl or aryl groups attached to the nitrogen 
atom are poorly biodegradable. Therefore, their acute toxicity will persist for some 
time after discharge if the hydrophobic tail is not degraded. More biodegradable 
quaternary FFCIs can be made by introducing weak linkages in the hydrophobic 
tail(s) such as ester or amide groups. This is has been done for several new types of 
quaternary surfactant fabric conditioners but is less common for FFCIs. However, 
it has been found that doubly N-alkoxylated and carbonylated ammonium salts are 
effective FFCIs with good biodegradability.92–92a In one preferred example, a long-
chain alkylamine or diamine is doubly alkoxylated, then reacted with chloroacetic 
acid, esterified, and then quaternized (Figure 8.6). Mono and bis-ester derivatives 
of pyridinium and quinolinium compounds have been claimed as environmentally 
friendly FFCIs.92b A biocide made by derivatizing metronidazole to make a quater-
nary surfactant also has good corrosion inhibition properties (Figure 8.7).93

8.4.4.4  amidoamines and imidazolines
Imidazolines are possibly the most common class of general corrosion FFCI used 
in the oil and gas industry and the most studied. Certain imidazoline-based FFCIs 
appear to perform well even in high-pressure, high-temperature (HPHT) condi-
tions.94 Although the basic imidazolines only offer poor to moderate performance 
at these conditions,95 other HPHT FFCIs have been reported.96 Imidazolines are 
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Figure 8.5 Zwitterionic water-soluble iminium compounds where Z is carboxylate or 
various other anionic groups and at least one of R1, R2, or R3 is a hydrophobic group.
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Figure 8.6 An example of doubly N-alkoxylated and carbonylated ammonium salt FFCIs.
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made by condensing a polyamine containing a 1,2-diaminoethane functionality with 
a carboxylic acid. This first forms an amide; a 2-alkylimidazoline is the main final 
product (Figure 8.8). N-substituted 2-alkylimidazoline products are formed if the 
1,2-diaminoethane is substituted on one of the nitrogen atoms. For example, diethyl-
enetriamine has been commonly used as the polyamine. With 2 mol of carboxylic 
acid, amidoimidazolines are formed, which are also well-known FFCIs. Fatty 
amines are usually used to make imidazolines, but ethercarboxylic acids can also 
be used.97 Acyclic amidoamines are a side product of the reaction and are usually 
still present in imidazoline-based FFCIs. Bis-imidazolines can also be formed if the 
polyamine is big enough. A corrosion inhibitor comprising a dispersant, an imida-
zoline or bis-imidazoline, an amide, an alkyl pyridine, and a heavy aromatic solvent 
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Figure 8.7 An FFCI based on the biocide metronidazole.
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has been patented as an FFCI formulation (Figure 8.9).98 Protonation or alkylation of 
the imidazoline product leads to more hydrophilic imidazolinium salts, which also 
have corrosion inhibition properties (Figure 8.10). Protonation of imidazolines can 
also occur after injection due to acids in the produced water.

Tetrahydropyrimidines, six-ring analogues of imidazolines, and methylol deriva-
tives thereof are also useful FFCIs.100 Bis-amides made by reacting a diamine with 
dimer acids have also been claimed as FFCIs. An example is the reaction of the 
product of 2 mol of N-oleyl-1,3-propylenediamine and 1 mol dimer acid.101

A study of oleic imidazoline has been carried out using corrosion inhibitor test-
ing, second harmonic generation at surfaces and molecular modeling techniques.102 
The results showed that the molecule is primarily bonding through the five-member 
nitrogen ring, which is lying planar to the metal surface, that the long hydrocarbon 
chain is playing an important role in the mechanism of inhibition, and that varying the 
chemistry of the pendant side chain does not affect the performance of the molecule 
to a major extent. In contrast, density functional theory and Monte Carlo simulations 
indicate that imidazolines favor a perpendicular adsorption to a metal surface, while 
their protonated (or alkylated) species adsorb in parallel positions over the metal sur-
face.103,104 Theory and electrochemical tests both showed that N-substituted 2-alkyl-
imidazolines appear to perform better than unsubstituted 2-methylimidazolines. A 
QSAR has been developed to predict the performance of imidazoline FFCIs.105 In 
another study using the RCE, a linear relationship was obtained between the mini-
mum effective concentration and length of the hydrocarbon tail on the imidazoline.106 
With the hydrophobic chain length less than 12 carbons, no corrosion inhibition is 
observed. The pronounced effect of the hydrophobic group on corrosion inhibition of 
imidazolines was related to their ad-micelles’ bilayer cohesive energies.

One study has shown that the chain length of the hydrophobic tail in a normal 
imidazoline FFCI that gives optimum performance (C18) gives poorest environmen-
tal properties.107 Ethoxylated imidazolines are a common subclass of imidazoline 
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Figure 8.10 Protonation (R″ = H) or alkylation (R = alkyl) of imidazolines.
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FFCI in which the N-nitrogen in the ring or side-chain amine is ethoxylated with 
varying amounts of ethylene oxide to provide more water-soluble products with 
lower bioaccumulation potential and toxicity.108 The starting imidazoline is prefera-
bly made from reacting a fatty acid with 2,2-aminoethylamino ethanol or a diethyle-
netetramine. This has been demonstrated with ethoxyimidazolines.59 As the number 
of carbon atoms in the fatty acid chain is reduced, the efficacy of the corrosion 
inhibitor is increased by combination with a wetting agent, preferably an ethoxy-
lated alcohol having from ~8 to ~10 carbon atoms. Water-soluble alkoxyimidazoline 
FFCIs have been shown to perform synergistically with oligophosphate ester FFCIs 
(phosphate esters of ethoxylated polyols), especially at low dosages.109 The alkoxy-
imidazoline (probably as the alkoxyimidazolinium ion due to protonation from the 
phosphate ester) protects the cathode of the electrochemical cell and the oligophos-
phate protects the anode—this dual mechanism increases confidence that the inhibi-
tor blend will continue to give corrosion protection even in extreme situations where 
one of the components might have failed.

Another way to make an imidazoline FFCI more water-soluble and less toxic 
is to react a pendant alkyl amine group of an imidazoline intermediate with stoi-
chiometric amounts of an organic carboxylic acid, such as, for example, acrylic 
acid (CH2=CH2COOH; Figure 8.11).110,111 This results in an ampholytic imidazoline, 
which, it is believed, may hydrolyze in water to produce the amide amine. Quaternized 
amido imidazolines, quaternized imino imidazolines, and quaternized substituted 
diethylamino imidazolines, such as quaternized diacrylamino imidazolines, again 
made from amine-substituted imidazolines and acrylic acid, have also been claimed 
as FFCIs.112,114 An interesting imidazoline phosphate ester/diester FFCI has been 
reported, which should exist as zwitterions in water.99 Amines, amidoamines, and 
imidazoline surfactants derivatized with carboxylic groups (for example, by reaction 
with acrylic acid), blended together with mercaptocarboxylic acids with two to six 
carbon atoms (HS(CH2)nCOOH) have been claimed as synergistic FFCI composi-
tions.115 These formulations are claimed to have low toxicity. For example, thioglycolic 
acid (TGA; HSCH2COOH), in combination with imidazolines, has been used for 
North Slope operations in Alaska.116 Inhibitor compositions based on sulfhydryl acids 
(also called mercapto- or thiocarboxylic acids) and poly(ethyleneamino)imidazoline 
salts have also been claimed.117 Amine imidazoline mixtures can also be reacted 
(rather than just blended at room temperature) with mercaptocarboxylic acids such as 
TGA to produce useful FFCIs.118 It has also been shown that low-toxicity FFCIs can 
be made by reacting all reactive nitrogen atoms (those with hydrogen atoms) in imi-
dazolines or amines and amidoamines, with acrylic acid and chloroacetic acid, and 
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Figure 8.11 Example of an amineimidazoline reacted with one mole of acrylic acid.
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then subsequent pH adjustment to 8–9 with a base.119 Reaction of pendant amines in 
an imidazoline or amide with SO2 gives products containing –NSO2 groups that are 
also more water-soluble.120

Many imidazoline-based FFCIs have pendant groups on one of the nitrogen 
atoms in the ring structure (R′ in Figure 8.8). These pendant groups often contain 
nitrogen atoms because polyamines such as diethylenetriamine or triethylenete-
tramine are used to make the imidazoline. It is possible that these pendant nitrogen 
atoms (or other heteroatoms with nonbonding electron lone pairs) can also interact 
with the metal surface enhancing the FFCI adsorption. However, it has been discov-
ered that the presence of a pendant group to the imidazoline ring, which contains 
a heteroatom (nitrogen, oxygen, or sulfur) having a nonbonding pair of electrons 
available for interaction with a metal surface, is not required to achieve satisfac-
tory corrosion inhibition.121 In fact, it has been claimed that zwitterionic acrylated 
imidazolines that contain unsubstituted alkyl groups at the number 3 position, 
and thus, no hetero atoms or available nonbonding electrons, provide unexpect-
edly outstanding corrosion inhibition (Figure 8.12). An example is (N-propyl-2-
heptadecenyl) imidazoline acrylate, which exists as the imidazolinium species.

Derivatives of imidazolinium ions containing sulfur have also been claimed as 
FFCIs.122 Examples are given in Figure 8.13.

8.4.4.5  amides
Amide derivatives of long-chain amines have been proposed as environmentally 
acceptable FFCIs in oil-production applications.123 Unfortunately, such materials 
can be difficult to formulate and adversely affect the oil-water separation process. 
As mentioned earlier, amidoamines are present as by-products from the reaction 
of polyethyleneamines with carboxylic acids; imidazolines are the main product. 
Polymethylenepolyaminedipropionamides have been claimed as low-marine toxic-
ity CO2 corrosion inhibitors.124 They are made by condensation of acrylamide with 
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Figure 8.12 Zwitterionic acrylated imidazoline FFCIs.
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Figure 8.13 Examples of imidazoline derivatives containing sulfur.
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a polyamine such as diethylenetriamine, triethylenetetraamine, or bis(propylamino)
ethylenediamine and contain no major hydrophobic groups. An example is the 
diamide given in Figure 8.14. Blends with mercaptoacids, such as TGA, work syner-
gistically to improve the performance.125

A class of amide FFCI claimed to have high biodegradability are those based on 
acylated derivatives of amino acids appended to a suitable backbone (Figure 8.15).126 
For example, N-decanoyl-l-aspartic acid can be reacted (via the anhydride) with 
polyols, polyamines, and hydroxyamines to form useful FFCIs.

8.4.4.6  Polyhydroxy and ethoxylated amines/amides
Ethoxylation of fatty amines or diamines with ethylene oxide gives ethoxylated 
amines, which are useful FFCIs (Figure 8.16). A biodegradable link, such as an 
amide group, between the hydrophobic tail and the ethoxylated nitrogen atom 
can make the product more environmentally attractive.127 For example, tallow-
CONH(CH2)3NHCH2CH2OH is claimed to perform better as an FFCI than tallow-
NH(CH2)3NH2 ethoxylated with 3 mol of ethylene oxide.

Ethoxylation makes the amine molecule more water-soluble as well as giving extra 
sites (oxygen atoms) for adsorption to the metal surface. Another way to introduce 
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Figure 8.16 Ethoxylated fatty amine and diamine FFCIs. R can be an alkyl group or 
R′C(=O).
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water solubility with oxygen atom functionality is to incorporate hydroxyl groups 
into the amine. Examples claimed to be good FFCIs are deoxyglucityl derivatives of 
alkylamines (Figure 8.17).82

8.4.4.7  other nitrogen heterocyclics
Methyl substituted nitrogen-containing aromatic heterocyclic compounds such as 
2,5-dimethylpyrazine, 2,3,5,6-tetramethylpyrazine, or 2,4,6-trimethylpyridine reacted 
with an aldehyde, such as 1-dodecanal, or ketone, such as 5,7-dimethyl-3,5,9-
 decatrien-2-one, to produce useful oil- and gas-well corrosion inhibitors.128 The 
same nitrogen-containing aromatic heterocyclic compounds reacted with dicarboxy-
lic acid monoanhydrides such as 2-dodecen-1-yl succinic anhydride have also been 
claimed for the same purpose.129

Downhole FFCIs can be made by reacting mixed nitrogen-containing mainly het-
erocyclic compounds (made from an unsaturated aldehyde and a polyamine such as 
acrolein and ethylenediamine) with a carboxylic acid, organic halide, or an epoxide.129

8.4.4.8  sulfur compounds
Thiosulfate ions and mercaptocarboxylic acids have been mentioned earlier as syner-
gists for nitrogenous FFCIs. In fact, a number of sulfur compounds are particularly 
good at preventing cracking corrosion. FFCIs containing water-soluble mercaptocar-
boxylic acids (e.g., TGA, which is relatively low in toxicity) have been used success-
fully in high-shear stress applications; however, used alone, they are only partially 
effective at inhibiting corrosion in a CO2-saturated environment (Figure 8.18) The 
reason that mercapto compounds perform as corrosion inhibitors has been shown 
to be due to oxidation of the mercapto group (–SH) to disulfide groups (–S-S–), 
which form complexes with iron ions at the metal surface.65 Thus, the disulfide 
3,3′- dithiodipropionic acid (DTDPA) has been shown to perform equally as well as 
TGA against general corrosion despite the fact that DTDPA is an oxidizing agent 
and TGA is a reducing agent (Figure 8.18). In fact, DTDPA is expected to work 
better than TGA against localized corrosion. Further, mercaptoalcohol (MA) was 
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Figure 8.17 N,N′-dioctyl-N,N′-bis(1-deoxyglucityl)ethylenediamine.
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Figure 8.18 Thioglycolic acid, 3,3′-dithiodipropionic acid and potassium dimethyl 
dithiocarbamate.

© 2009 by Taylor and Francis Group, LLC

  



214 Production Chemicals for the Oil and Gas Industry

a better inhibitor for both general and localized/pitting corrosion than TGA or 
DTDPA. MA is predominantly a cathodic inhibitor, while TGA is an anodic inhibi-
tor. Thiocarbonyls such as potassium dimethyl dithiocarbamate are also synergists 
for FFCIs (Figure 8.18).

There are few patents claiming sulfur compounds without other heteroatoms as 
FFCIs. However, trithiones, with three sulfur atoms, and a suitable dispersant have 
been claimed as good inhibitors of CO2 corrosion in sweet wells (Figure 8.19).130 
Trithiones, such as a quaternary of 4-neopentyl-5-t-butyl-1,2-dithiole-3-thione, have 
been particularly used in an environment where metal failure through stress crack-
ing is a concern.64,116 Trithiones have also been claimed in FFCI formulations for 
limited oxygen systems blended with thiophosphates, quaternaries, polyphosphate 
esters, and cyclic amidines such as fatty carboxylic acid salts of an imidazoline.131 
The thiophosphates are made by reacting oxyalkylated fatty alcohols with P2S5. 
Other claimed sulfur-only FFCIs include mercaptan-based products with one or 
more –SH groups and optionally a sulfido group, such as 2-mercaptoethyl sulfide 
(Figure 8.19).132

Thiophosphorus compounds have also been claimed to prevent organic and other 
naphthenic acid corrosion, although this is usually a high-temperature downstream 
problem.133 Other claimed inhibitors of naphthenic acid corrosion include phospho-
rous acid and certain sulfur- and phosphorus-free aromatic compounds substituted 
with nitrogen, containing functional groups at the 5- or 3,5-position.134,135

A number of sulfur-nitrogen–based corrosion inhibitors for ferrous metals have 
been developed. Interestingly, many of them do not have a hydrophobic tail and 
therefore will not attract liquid hydrocarbon to the metal surface to form an oily film. 
Examples are the natural amino acids cysteine and cystine and their decarboxylated 
analogues cysteamine and cystamine, which are good synergists for polyaminoacids 
FFCIs.136 Sulfur-nitrogen compounds, such as benzothiazoles, are more common 
for corrosion inhibition of other metals such as copper. However, ether carboxylic 
acids based on alkoxylated mercaptobenzothiazoles are also claimed to inhibit fer-
rous metal corrosion (Figure 8.20).137 Another class of sulfur-nitrogen compounds 
claimed as FFCIs is based on the reaction product of a compound containing a car-
bonyl group (e.g., monoaldehydes), an amine (e.g., alkyl monoamines), and a thio-
cyanate (e.g., ammonium thiocyanate).138

Thiocarboxylic acids have very unpleasant odors and alternatives have been 
sought. 2,5-Dihydrothiazoles have been claimed as volatile corrosion inhibitors in 
gas wells (Figure 8.21).139 However, they have limited water solubility. Thiazolidines 
have been claimed as more water-soluble FFCIs (Figure 8.21).116 The synthesis 
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Figure 8.19 The structure of trithiones (left) and 2-mercaptoethyl sulfide.
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method involves reacting a dihydrothiazole such as 2,5-dihydro-5,5-dimethyl-
(1-methylethyl)thiazole, with a mixture comprising formic acid and an aldehyde. 
Preferred thiazolidine products have no large hydrophobic groups and are therefore 
not typical surfactants.

Small nonsurfactant imidazolidinethiones have been claimed as low toxicity, 
readily biodegradable FFCIs.140 A specific example is 1-(2-aminoethyl)-2-imidazo-
lidinethione made by reacting thiourea and diethylenetriamine, although other poly-
alkylene polyamines could be used (Figure 8.22).

Low molecular weight polyfunctional polymers prepared by polymerizing vinyl 
monomers, such as alkenoic acids and esters thereof, such as N-hydroxyethylacrylate, in 
the presence of mercaptan chain transfer agents such as dodecylmercaptan (C12H25SH) 
are claimed to be particularly good for downhole CO2 corrosion inhibition.141

A class of FFCI claimed to have increased biodegradability and reduced toxicity 
is salts of amidomethionine derivatives and amines (Figure 8.23).142 Examples of 
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Figure 8.20 Ether carboxylic acids based on alkoxylated mercaptobenzothiazoles. The 
acid form or an amine salt of the acid can be used.
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amidomethionines are cocoyl- or octanoylmethionine. Examples of suitable amines 
include morpholine, triethanolamine, and dibutylamine.

8.4.4.9  Polyaminoacids and other Polymeric water-soluble  
corrosion inhibitors

Phosphates and organic phosphonates have long been used as scale inhibitors and 
are also regularly used for corrosion protection in water treatment systems.143–146 
(see also Chapter 3 on scale control). An example is 2-hydroxy-2-phosphonoacetic 
acid ((HO)2POCH(OH)COOH). However, by themselves, they are not usually effec-
tive enough for corrosion protection in the harsh environment of oil and gas pro-
duction. Organic carboxylates and polycarboxylates also give some protection such 
as certain substituted carboxymethoxysuccinic acid compounds, aminohydroxysuc-
cinic acids, or oligomers and polymers of tartaric acid (also known as polyepoxy-
succinic acids).147–149 Many of these organic polycarboxylates will also function as 
scale inhibitors.

Later, it was been found that polyaminoacids with pendant carboxylate groups 
function very well as scale inhibitors, but they also gave fairly good CO2 corrosion 
protection although not as good as the best FFCIs at the time.150,151 The best known 
and cheapest examples of polyaminoacids are salts of polyaspartic acid, although 
glutamic acid can be used (Figure 8.24).152 Used alone, polyaspartates showed best 
potential in low-chloride, low-pH conditions, which are fairly rare in petroleum pro-
duction.107 The performance of polyaspartates can be improved by adding amino 
thiol or amino disulfide compounds.153 Particularly effective inhibitor compositions 
are the natural amino acids cysteine and cystine and their decarboxylated analogues 
cysteamine and cystamine in combination with polyaspartic acid. These are very 
environment-friendly compositions having low toxicity and good biodegradability. 
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Figure 8.23 Salts of amidomethionine derivatives and amines.
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Another corrosion inhibitor patent claims the use of a substantially water-soluble 
polymer of an acidic amino acid and at least one water-soluble salt of molybdenum 
(molybdate) or zinc(II).154 Aspartate-containing polymers have also been shown 
to work synergistically with alkylpolyglucosides as a new class of green corrosion 
inhibitor.155,156 A corrosion- and scale-inhibitor package based on polyaspartate 
with added synergists has been developed and used in the North Sea. A study of 30 
laboratory-synthesized polypeptides concluded that none of them were better than 
commercial polyaminoacids of the polyaspartate type.157 Further, an ordered poly-
mer gave better corrosion inhibition than a random polymer and the performance 
dropped considerably below a polymer molecular weight of 1,000. The authors also 
state that they have better, commercial, low-toxicity, nonpeptidic FFCIs.

Polyaspartates are made by hydrolyzing water-insoluble polysuccinimide. 
Environment-friendly amide derivatives of polysuccinimide, as well as amides of 
lactobionic acid, with C12–18 tails have been shown to perform well as sour gas 
corrosion inhibitors.158 Polysuccinimide can also be reacted with hydroxyamines 
(e.g., ethanolamine) or hydroxylamine to give polymers with pendant hydroxyethyl 
or hydroxamic groups (R–C(=O)NHOH), respectively. Some of these polymers are 
claimed to be biodegradable scale-and corrosion inhibitors, although the homopoly-
mers of 2-hydroxyethylaspartamide or 2-hydroxyethylglutamide are not biodegrad-
able.159,160 Other less biodegradable water-soluble polymers with pendant hydroxamic 
acid groups also function as corrosion inhibitors. An example is the reaction product 
of polyacrylamide with hydroxylamine.161
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9 Gas Hydrate Control

9.1  introduction

Gas hydrates are ice-like clathrate solids that are formed from water and small 
hydrocarbons at elevated pressures and at lower temperatures (Figure 9.1).1–2 The 
temperature below which hydrates can form increases with increasing pressure and 
can be as high as 25–30°C (77–86°F). Typical pressure-temperature conditions for 
formation of gas hydrates are shown in Figure 9.1. Gas hydrates are most commonly 
encountered in subsea or cold climate wet gas or multiphase (oil/water/gas) pipe-
lines, where they can block the flow of fluids, but they can also be formed during 
drilling, completion, and workover operations as well as in gas-processing facilities, 
gas injection lines, and aqueous chemical injection in gas lift lines if the pressure-
temperature conditions are right. Many multiphase production lines are designed to 
operate without fear of hydrate formation but problems may occur if a shut-in occurs 
and the fluids cool, untreated, to within the hydrate-forming envelope. Further, if a 
subsea well is shut-in, a hydrate plug can also form below the wellhead unless the 
necessary precautions are taken. The prevention of gas hydrate plugging of flow 
lines is considered one of the main production issues to deal within deepwater field 
developments.3

In gas hydrates, the water molecules form an open structure containing cages held 
together by hydrogen bonding. These cages are occupied by small molecules, such 
as small hydrocarbons, which stabilize the clathrate structure through van der Waals 
interactions. There are three structures for gas hydrates that can form, each of which 
exhibit different pressure-temperature equilibrium curves: structure I, structure II, 
and structure H. Structure I can be formed when the natural gas is very rich in meth-
ane and contains almost no C3–4 hydrocarbon components. Structure II is the most 
common gas hydrate structure encountered in the field since it is stable whenever a 
natural gas mixture contains some propane or butanes besides methane. Structure H 
is very rarely encountered in the oil industry. It is stabilized by methane in small cages 
and fairly large hydrocarbons such as methylcyclopentane or benzene in large cages.

There are a number of methods for preventing gas hydrate formation and deposi-
tion.4 They include the following:

Keep the pressure low and outside the hydrate stable zone•	
Keep the temperature above the hydrate equilibrium temperature at the sys-•	
tem pressure by passive heat retention or active heating
Separate out the water (dehydration)•	
Modify the gas phase with another gas•	
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Conversion of water to transportable hydrate particles without the use •	
of chemicals
Chemical treatment•	

Keeping the pressure low on a continuous basis is rarely done since production rates 
would be uneconomically low in many cases, although depressurization could be 
performed during shut-in. However, depressurization cannot be done in very deep 
water due to the hydrostatic pressure of the water keeping the fluids in the hydrate-
forming region. Several methods are used to raise the temperature of a pipeline so as 
to avoid gas hydrate formation. The simplest method is to insulate the pipe. Burying 
the pipeline can help to some degree, as well as putting insulation materials or a 
vacuum around the pipe, although this latter method is expensive and will not work 
in extended shutdown situations. Another method is to wrap the pipeline wall with 
an electric resistance, heat-tracing cable, or a heat-tracing tube containing a circulat-
ing hot fluid, which elevates the temperature of the pipeline wall. Another method, 
which is used on several North Sea fields, is direct electric heating of a pipeline using 
an alternating current.5 This is expensive to use on a continual basis so it is used only 
in extended shutdown situations. On another North Sea field a bundle pipeline sys-
tem is used where hot water is injected from the platform side into the annulus of the 
bundle keeping the multiphase fluids outside the hydrate-forming region.6

Subsea separation of oil and water has been carried out on one field in the North 
Sea, but the technology is still in its infancy.7 Another method, which at first seems 
counterintuitive, is to inject a gas such as N2 or CO2 to raise the pressure threshold 
for hydrate formation.8 A technique that could represent a major breakthrough in 
deepwater hydrate control, although not a panacea for all oilfield applications, is to 
convert produced water to transportable hydrate particles without the use of chemi-
cals. This technique is often called “cold flow”; “CONWHYP” or “Hydraflow” are 
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alternative names to describe this technique.9–14 The basis of the technology is the 
use of a recirculation stream containing hydrate particles. These particles are fed 
into a fast-cooled (shock-chilled) water-containing well stream in which the water 
is dispersed or emulsified in the liquid hydrocarbons by mixers. The hydrate par-
ticles seed further hydrate growth in the water droplets from the inside out and grow 
quickly and in a controlled manner. The hydrate particles are dry, nondepositing, 
and nonagglomerating and will eliminate free water from the rest of the transport 
system. It would appear to work best at high subcoolings. A cold-flow method that 
does not require recycling of hydrates has also been claimed.15 One possible problem 
with cold flow is whether free water (before it reaches the mixers) might agglomer-
ate during an unplanned shut-in. The technique does not work for wet gas fields or 
very high water-cut fields where flow of hydrate particles is impossible. In addition, 
possible increased inorganic scale-deposition problems, due to removal of free water 
as gas hydrate and subsequent higher concentrations of ions in solution, need to be 
addressed. An onshore field trial of cold-flow technology has been considered by one 
American oil company. For very high water cuts, it has been suggested to inject addi-
tional water or brine to allow complete gas conversion to hydrates and the hydrate 
slurry to be transportable in excess water, with or without liquid hydrocarbons pres-
ent.16 A special type of hydrate anti- agglomerant chemical might be needed (see 
Section 9.2.3). The same principle of shock chilling has also been proposed to avoid 
wax deposition (see Chapter 10).

9.2  chemical Prevention oF hydrate Plugging

Chemical treatment to prevent hydrate plugging can be accomplished with three dif-
ferent classes of chemical, all of which are now used in the field:

thermodynamic hydrate inhibitors (THIs)•	
kinetic hydrate inhibitors (KHIs)•	
anti- agglomerants (AAs)•	

The last two categories are known collectively as low-dosage hydrate inhibitors 
(LDHIs), reflecting the much lower dosage requirements compared with THIs. One 
oil company has used the acronym THI, meaning threshold hydrate inhibitors, as 
another expression for KHIs. In this book, THI refers specifically to thermodynamic 
hydrate inhibitors.

9.2.1  thERmOdynAmiC hydRAtE inhiBitORS

THIs are sometimes called “hydrate antifreeze.” They are by far the most com-
mon chemical class used to prevent hydrate formation.1 They work by changing the 
bulk thermodynamic properties of the fluid system, thereby shifting the equilib-
rium conditions for gas hydrate formation to lower temperatures or higher pressures. 
Thus, they can be used to prevent hydrate formation and also “melt” existing hydrate 
deposits. THIs are added at very high concentrations, in some cases, up to one to two 
barrels of THI per barrel of water.
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The most commonly used classes of THIs are alcohols, glycols, and salts. Meth-
a nol (CH3OH) and monoethylene glycol (MEG, HOCH2CH2OH) are widely used to 
protect against hydrate formation in production, workover, and process operations 
and for melting hydrate plugs. Diethylene glycol (DEG) and triethylene glycol (TEG) 
are also sometimes used to prevent hydrate formation although they are less power-
ful. TEG is mainly used for gas drying, that is, adsorbing water in gas-flow lines or 
processing facilities. In South America, ethanol is commonly used as a THI since it 
is low cost and available in large quantities from sugar fermentation. However, above 
ca. 5.6 mol%, ethanol can form a binary hydrate with methane and can result in 
significantly less hydrate inhibition than would be expected from ice-melting depres-
sion.17 Although methanol and glycols are relatively low-cost chemicals, because 
they are dosed at such high concentrations, it is often economically worthwhile to 
recover the THI and use it again. MEG regeneration facilities are widely used today, 
but methanol regeneration is much less common. Methanol and glycols are rarely 
used on a continuous basis in oil fields due to the high volumes of water required 
to be treated, but glycols in particular are used on a continuous basis in condensate 
and gas fields, MEG being the most common.18 It is important to get the dosage of 
THI correct, since underinhibition (using a dosage that does not fully protect against 
hydrate formation) can, at certain, doses increase the plugging potential.19–20

Besides alcohols and glycols, the only other common chemical class used to pre-
vent hydrate formation is salts such as sodium chloride, calcium chloride, and potas-
sium formate. These salts are commonly used in drilling fluids to suppress hydrate 
formation, sometimes in combination with glycols. Halide salts are less suited for 
injection into production lines due to the high concentrations needed, produced 
water incompatibility (for calcium salts), and increased corrosion potential. However, 
the use of the low corrosive salt, potassium formate, has been proposed.21 Other 
chemicals that have been investigated as THIs include water-soluble solvents such 
as dimethylformamide and N-methyl pyrrolidone, ethanolamines, and other alco-
hols besides ethanol, which form azeotropes with water, for example, iso-propanol. 
All these organic chemicals are more expensive and less powerful thermodynamic 
inhibitors than methanol and MEG and are not currently used in the field.

The performance of THIs is usually expressed as the temperature change in the 
hydrate equilibrium curve (suppression) at a given pressure and inhibitor concen-
tration. For example, a 20 wt.% solution of methanol in water lowers the hydrate 
equilibrium temperature by approximately 10ºC (18°F), whereas 32 wt.% MEG 
is needed for the same temperature suppression. A rough guide to calculate the 
amount of organic THI needed to avoid hydrate formation was first formulated by 
Hammerschmidt in the following equation:22

 ∆T
Ks

M s
=

−( )100

where ∆T is the hydrate suppression (°F), K is a constant (in this case Hammer-
schmidt’s Fahrenheit-based constant, 2,335) depending on the nature of the inhibi-
tor and on the heat of formation of the hydrate, s is concentration of the THI in the 
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water phase (wt.%), and M is the molecular weight of the inhibitor. Clearly, the molec-
ular weight of the inhibitor is crucial to the performance. Generally, the lower the 
molecular weight, the higher the performance. That is why methanol is a better THI 
than MEG, which again is better than DEG, and so forth. For the same reason, meth-
anol should be more powerful at melting hydrate plugs than the glycols although THI 
density affects the performance (see also Section 9.3.1 on hydrate plug removal). 
However, the above Hammerschmidt equation takes no account of the distribution 
of the THI between the gas or liquid phases or the pressure in the system and gives 
poor results at high inhibitor concentrations. It can give particularly bad results for 
methanol since methanol partitions significantly both the gas and liquid hydrocarbon 
phases, much more so than the glycols. Thus, in multiphase transportation systems 
where the GOR (gas/oil ratio) is high and water-cut low, glycols are often preferred 
over methanol since MEG partitions almost exclusively into the bulk water phase. 
Regeneration of MEG is also simpler. In practice, the engineer will usually inject the 
THI at a somewhat higher dosage than required to be absolutely sure there will not 
be any hydrate formation.

More accurate equations to calculate the subcooling provided by thermo dynamic 
inhibitors have been developed.23–25 The simplest way today is to use a PVT model, 
which takes into account the distribution of the inhibitor between the phases. 
Commercial software of PVT models with added modules designed for hydrate cal-
culations are available from several companies, research institutes, and universities. 
However, even these models can sometimes give inadequate results especially at high 
pressures, high inhibitor concentrations, or when the water also contains significant 
concentrations of salts, although efforts to minimize these problems have been made. 
A rough guide to compare the performance of a number of THIs is given in Table 9.1 
below using data generated by two commercial software packages. The table illus-
trates values of the subcooling provided at various THI concentrations in the water 
phase, that is, losses to the gas or liquid hydrocarbon phase are not taken into account. 
Available values for HCOOK (potassium formate) are taken from the literature.21

The best method, if done properly, to determine the equilibrium point for 
hydrate formation, with or without added THIs (but not LDHIs), is to do it 
experimentally. This is done by dissociating preformed hydrate and determining 

taBle 9.1
calculated subcoolings (°c) for various thermodynamic 
inhibitors in the water Phase

concentration 
(wt.%) meoh etoh meg deg teg nacl hcook

5 2.0  1.4 1.05 0.63 0.46 1.96

10 4.2  3.0 2.25 1.4 1.05 4.3  2.5

20 9.3  6.6 5.2 3.3 2.7 10.7  7.1

30 15.3 10.7 9.0 5.9 5.0 15.0 12.9

35 18.6 13.0 11.35 7.5 6.5 —

40 22.2 15.4 14.0 9.3 8.2 —
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the hydrate formation temperature (it is not done by cooling and measuring the 
onset temperature for hydrate formation as this temperature will vary due to 
hydrate formation being a stochastic process). Thus, once some hydrate has been 
formed, the system is heated. Heating must be very slow (< 0.2°C/h is best) 
as you approach the expected equilibrium temperature and good mixing of all 
phases is essential. The point at which the last particle of hydrate dissociates and 
the plot of the pressure curve returns to the plot while cooling is taken as the 
equilibrium point for hydrate formation.131 A stepwise heating method has been 
shown to give even more reliable results than using constant heating, in less 
measuring time.132

9.2.1.1  operational issues with this
There are a number of operational issues regarding the use of THIs. The problem 
of THI phase distribution (i.e., loss of THI to the gas or liquid hydrocarbon phase), 
and thus, determining the dosage rate has been highlighted already. Other potential 
problems are mentioned briefly below:

High inhibitor volumes requiring high transport costs, large storage tanks, •	
injection lines, and so forth.
Toxicity and flammability of methanol.•	
The cost of building and maintaining methanol or glycol inhibitor regenera-•	
tion facilities. Fouling, salting out, and corrosion in regeneration facilities 
are common.
Downstream pollution of the hydrocarbons (gas or liquids) can lead to refin-•	
ery problems. Pollution is known to occur particularly for methanol, but 
also for MEG, and can reduce the value of the hydrocarbons if their con-
centration is above the required limits.
THIs increase the potential for scale and naphthenate formation. NaCl may •	
deposit at high salinities, or the potential for carbonate or sulfate scales 
may be reached, or increased above the original MIC (minimum inhibitor 
concentration) of the scale inhibitor. Methanol and ethanol are more detri-
mental than glycols.26–27

Some methanol will partition into the oil phase and can act as a wax (paraf-•	
fin) precipitant by lowering the wax appearance temperature.
Pumping the inhibitor to the required location in the event of an unplanned •	
shut-in can be tricky. The pump and injection line capacity may be too 
small to treat the amount of water expected. This could be during deep-
water drilling or subsea multiphase transportation.
The viscosity of the inhibitor, especially the higher glycols, is relevant in very •	
cold environments (gas processing) and narrow, long, cold injection lines.
Freezing of the inhibitor in gas processing systems.•	
Methanol and glycols have high biological and chemical oxygen demand, •	
which can limit their discharge allowance.

For subsea multiphase transportation over long distances, the high thermodynamic 
inhibitor volumes and expensive storage, injection, and regeneration facilities that 
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would be needed motivated the search for other methods to prevent gas hydrate for-
mation. This led to the development of LDHIs in the nineties. An extensive review 
up to 2005 has been published on this subject.28 The two classes of LDHIs, KHIs and 
AAs, are discussed below.

9.2.2  kinEtiC hydRAtE inhiBitORS

9.2.2.1  introduction to khis
The key components in all known KHI formulations are water-soluble polymers 
often with other smaller organic molecules added as performance enhancers (syner-
gists). Generally, the polymers show little partitioning to liquid hydrocarbon phases, 
yet these phases often affect KHI performance. KHIs delay gas hydrate nucleation 
and, usually, also crystal growth for a period dependent on the subcooling and to 
some extent the pressure in the system.29–31 In subsea multiphase transportation, this 
enables produced fluids to be transported to the process facilities before gas hydrate 
formation and deposition occurs in the line. Thus, any need for long shut-ins will be 
critical in determining the field applicability of a KHI. Generally, field applications 
of most of the commercial KHIs are limited to a maximum of 9–10°C (16–18°F) 
subcooling in the production line because the required delay time before hydrate 
formation is most often in the regions of days. Higher subcoolings (driving forces) 
would give shorter delay times before hydrate formation occurred. Thus, KHIs are 
not applicable for most deepwater fields where the subcooling and pressure are both 
high. Of course, if the residence time of the produced fluids is small, it may be pos-
sible to use KHIs at higher subcoolings than 9–10°C (16–18°F).

KHIs have been used commercially in the field since about 1995. They are 
added at low concentrations, less than 1 wt.% of the water phase and often around 
0.3–0.5 wt.%. This can be contrasted with the 20–60 wt.% needed for THIs such 
as methanol or glycols. In one field application, CAPEX savings of U.S.$40 mil-
lion were realized by choosing KHI technology instead of methanol injection and 
regeneration.32

Many water-soluble polymers have been shown to work as KHIs. There are two 
key structural features in a KHI polymer. First, the polymer needs functional groups 
that can hydrogen-bond to water molecules or gas hydrate particle surfaces. These 
are usually amide groups. The second key feature is a hydrophobic group adjacent 
to or bonded directly to each of the amide groups.33 An example of such a poly-
mer, which was also the first KHI to be discovered, is polyvinylpyrrolidone (PVP; 
Figure 9.2).34–35 The performance of KHIs is sometimes quoted as the subcooling at 
which a multiphase fluid can be transported without hydrate formation for a period 
(hold time) of 48 h at a given pressure. For PVP, without any synergists, that sub-
cooling is only 3–4°C (5.4–7.2°F) at 70–90 bar. The mechanism by which PVP and 
other improved KHIs work is the subject of debate. Two major mechanisms have 
been proposed. The first suggests that KHI polymers perturb the water structure to 
such a degree that gas hydrate particles cannot grow to the critical nuclear size, at 
which point growth becomes spontaneous.28 Molecular modeling studies indicate 
that this happens for some KHIs including PVP.36 However, a neutron diffraction 
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study showed that PVP does not affect the water structure in propane-water systems 
before and during gas hydrate formation.37 The second mechanism suggests that 
KHI polymers adsorb onto the surfaces of growing hydrate particles limiting their 
growth, and possibly deforming the hydrate cavities.39 This can occur before or after 
the particles reach the critical nuclear size so they can act as nucleation and crystal 
growth inhibitors. KHI polymer classes may adsorb in different in ways onto hydrate 
surfaces. In general, it is assumed that the hydrophobic groups on the polymer mimic 
small hydrocarbon guest molecules and interact with open cavities on the hydrate 
surface. The amide groups anchor the polymer on the surface through hydrogen 
bonding. There is clear evidence for the second mechanism for some KHI poly-
mers from studies on the growth inhibition of tetrahydrofuran (THF) hydrate38 and 
small-angle neutron scattering as well as from molecular modeling studies.39–41 For 
some polymers, both mechanisms may be operating. Interestingly, another molecu-
lar modeling study showed that methane hydrate initially nucleates into a phase con-
sistent with none of the common bulk crystal structures but containing structural 
units of all of them.41 Another possible mechanism that has been proposed is that 
the highest performing KHIs adsorb most strongly to surfaces (e.g., pipe walls or 
produced particles such as silica) that would otherwise act as heteronucleation sites 
for gas hydrate formation.42

The performance of polymeric KHIs has been shown to be considerably reduced 
in systems containing high concentrations of H2S.43 High concentrations of CO2 also 
have a significant negative effect on the performance of KHIs. The reason is unclear 
but may be related to the relatively high solubility of these gases in water, compared 
with small hydrocarbons, and the fact that they are also clathrate hydrate formers.

Most KHI field applications are based on polymers from one of two classes. 
They are:

vinyl lactam polymers and copolymers•	
hyperbranched polyesteramides•	

Blends of these two polymer classes can be used synergistically. KHIs can also be 
used in conjunction with THIs for added subcooling protection.44–46 Two other classes 
of commercial KHI include a biodegradable polyester pyroglutamate polymer, use-
ful for low subcooling applications, and a polyisopropylmethacrylamide claimed to 
work at higher subcoolings than the two common classes of KHI mentioned above. 
All these KHIs are discussed below.
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Figure 9.2 Poly-N-vinyl lactam polymers/polyvinylpyrrolidone, polyvinylcaprolactam, 
and vinylpyrrolidone/vinylcaprolactam copolymer.
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9.2.2.2  vinyl lactam khi Polymers
PVP belongs to the class of vinyl lactam polymers but its performance is low, and its 
commercial use has been superseded by vinyl caprolactam polymers, which are use-
ful for field applications up to about 9–10°C (16–18°F).47–52 It should be mentioned 
that butylated PVP, a commercial polymer, and vinyl pyrrolidone copolymers with 
small alkylacrylates perform better as KHIs than PVP but not as good as the best 
vinyl caprolactam polymers.53–54 The simplest of the vinyl caprolactam polymers is 
the homopolymer polyvinylcaprolactam (PVCap) although copolymers such as vinyl 
pyrrolidone/vinyl caprolactam (VP/VCap) are also commercially used (Figure 9.2). 
N-methyl-N-vinyl acetamide/vinyl caprolactam copolymer (VIMA/VCap) has been 
shown to outperform PVCap and was for a time used commercially but is no longer 
available due to the cost of the VIMA monomer (Figure 9.3).55 Vinyl caprolactam/
dimethylaminoethylmethacrylate (DMAEMA) copolymers are also high- performing 
KHI polymers (Figure 9.3).56 In fact, DMAEMA-based copolymers with methacryl-
amide or N,N-dimethylacrylamide and without any vinyl lactam component have 
been claimed as KHIs.57 Vinyl caprolactam/vinyl pyridine copolymers have been 
claimed as KHIs with corrosion inhibitor (CI) properties.58 Copolymers of vinyl 
caprolactam with short polyethoxylated methacrylates have been claimed as bet-
ter KHIs than PVCap. Vinyl lactam polymers generally have poor biodegradability. 
However, a commercial product that is a graft copolymer of polyethyleneglycol and 
VCap monomer, optionally with other vinyl monomers such as vinyl acetate, has 
been developed, which shows greater than 20% biodegradation over 60 days in the 
OECD306 seawater test.60 Very recently a new graft polymer has been developed by 
the same company with 53% biodegradation in 28 days and 98% in 60 days.

The ideal molecular weight (Mw) for a KHI polymer (or oligomer) for opti-
mum performance is around 1,500–3,000. At molecular weights lower than 
1,000, the performance drops drastically, and at increasing molecular weights 
above 3,000–4,000, the performance drops slowly but does not disappear. A low 
molecular weight polymer has the advantage of maintaining low viscosity of the 
injected formulation. Thus, samples of commercial PVCap, the highest perform-
ing, currently commercial vinyl lactam polymer, have molecular weights of about 
2,000–4,000. However, there is a claim and evidence that a bimodal distribution 
of molecular weights gives increased performance.61 The bimodal  distri bution can 
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Figure 9.3 N-methyl-N-vinyl acetamide/vinyl caprolactam copolymer and vinyl capro-
lactam/dimethylaminoethylmethacrylate copolymer.
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be made from a single polymerization or by mixing two polymers with unequal 
molecular weight distributions. Ultralow molecular weight PVCap, when dosed at 
0.5 wt.% based on the water phase, has been shown to delay gas hydrate forma-
tion in a natural gas-water system at 13°C (23.4°F) subcooling for over 48 h at 70 
bar.62 By “natural gas,” it is meant a normal raw gas mixture that leads to struc-
ture II hydrates. For structure I hydrate, which is predicted to occur in a minority 
of fields, the subcooling performance is lower for PVCap. Other polymers (with 
unpublished structures) have been reported that give better performance on struc-
ture I hydrate.63 This ultralow molecular weight PVCap polymer was tested in 
a wheel loop in various fluid systems. Depending on the fluid type (gas only or 
with condensate or crude oil) the performance varied from 11 to 19°C (from 20 to 
34°F) subcooling at constant pressure for a successful test that lasted 2–3 days.64 
The variation in results underlines the importance of testing the KHI performance 
with the correct produced fluids at operating conditions. Besides multiphase pro-
duction, VCap-based KHIs have also been claimed for use in fracturing fluids.65

The polymerization process for making vinyl caprolactam polymers will affect 
its performance and cloud point water. It has been shown that PVCap made by poly-
merization of VCap in butyl glycol (2-butoxyethanol) gave better KHI performance 
than PVCap made in isopropanol after the effect of the 2-butoxyethanol as syner-
gist had been taken into account.66–67 High–cloud point polymers are also needed 
for high-saline environments. PVCap has a cloud point of 30–37°C (86–99°F) in 
distilled water (depending on the molecular weight and polymerization procedure) 
and will be insoluble in high-saline brines due to the salting-out effect. Thus, there 
is a possibility of KHI deposition (“gunking”) on the pipe walls near the injection 
point if the cloud point is lower than the temperature of the produced fluids, although 
one service company unofficially claims that such deposits do not build up beyond a 
thin layer. High–cloud point copolymers of VCap with more hydrophilic monomers, 
such as those in Figures 9.2–9.3 have been made commercially available. The most 
common high–cloud point copolymer on the market today is low molecular weight 
1:1 vinyl pyrrolidone/vinyl caprolactam copolymer (1:1 VP/VCap), which has a per-
formance a little lower than PVCap of the same molecular weight. However, a KHI 
will still perform well as a cloudy solution above its cloud point but at a temperature 
lower than the deposition point.

Various synergists have been proposed to boost the performance of vinyl capro-
lactam (VCap) polymers. Besides 2-butoxyethanol discussed above, 2-isobutoxy-
ethanol has been proposed as a better synergist.68 Small quaternary salts such as 
tetrabutylammonium bromide (TBAB) have been used as VCap polymer synergists 
in the field for some years.69 More biodegradable alternatives to TBAB with ester 
linkages have been claimed.70 Small, quaternary ammonium zwitterionic molecules 
such as tributylammoniumpropylsulfonate, have also been shown to work as syner-
gists.71 The key feature in all these quaternary molecules is a quaternary nitrogen 
(or phosphorus) atom with three or more butyl or pentyl groups. Their structures 
are related to the quaternary ammonium AA surfactants (see Section 9.2.3 on AAs). 
Amine oxides such as tributylamine oxide are also good synergists for VCap poly-
mers but have not been used commercially.72 Certain substituted amines, alkylene-
diamines or polyamines, and derivatives of these have been patented as synergists 
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for KHIs such as VCap-based polymers.73 Small polyetheramines have been used in 
the field as synergists for VCap polymers such as PVCap.74,75 Polyetheramines have 
also been used as AAs in gas wells (see later section on AAs). In addition, various 
classes of cationic or nonionic surfactant, or a sugar, have been claimed as syn-
ergists for VCap-based polymers.76 Surfactant examples are N-alkyl pyrrolidones, 
poly(ethylene glycol), or polyethylene oxide–propylene oxide and examples of sugars 
are sorbitol, mannitol, fructose, and/or sucrose. Polyethyleneoxide is also a synergist 
for PVCap.77

9.2.2.3  hyperbranched Polyesteramide khis
Besides vinyl lactam polymers, the other major class of KHI polymer that is in com-
mercial use is the hyperbranched polyesteramides.78 Like the VCap polymers, they are 
also useful for field applications up to about 10°C (18°F) subcooling. Some of these 
polymers are claimed to have higher biodegradability than PVCap, even over 20% 
by the 28-day OECD306 test. Polymers with high–cloud points, useful in systems 
with up to 12% salt water, have also been developed: their reduced performance is 
counteracted by the hydrate suppression obtained from the salt. Polyesteramides are 
made by condensing a cyclic acid anhydride with diisopropanolamine in a ratio of 
n:n + 1 where n is an integer (by varying n, one can vary the molecular weight of the 
polymer). This gives a polymer with hydroxyl groups at the tips. The hyperbranching 
is caused by the dialkanolamine, which has three reactive groups. By adding a third 
molecule to the reaction mixture, such as an imine, the tips of the polymer can be 
modified to become more hydrophilic. The preferred choice for the cyclic acid anhy-
dride appears to be cis-1,2-cyclohexanedicarboxylic anhydride (or hexahydrophthalic 
anhydride) and the imine could be 3,3-iminobis(N,N- dimethylpropylamine) or 
1-methylpiperazine (Figure 9.4). The feature that singles out the polyesteramides 
from all other KHI polymers is their hyperbranching. All other KHI polymers are 
linear snake-like molecules, most of them with a polyvinyl backbone. To use an 
analogy for KHI bonding to hydrate surfaces, the polyesteramides are like a hand 
clutching a hydrate ball, whereas other KHIs are like a single long finger attached to 
the ball. The molecular weight of the polymer does not need to be very high either. 
For example, polymers with molecular weights of 1,500–2,000 give good KHI per-
formance. This is roughly the same figure found for polyvinyl-based KHIs such as 
PVCap. In the case of the polyesteramide shown in Figure 4, the hydrophobic group 
that can interact with open hydrate cages (and/or perturb the water structure) is the 
cyclohexyl ring, although the methyl group of the diisopropanolamine may make a 
contribution. The amide, and to a lesser extent ester, groups take part in hydrogen 
bonding to water molecules. Hyperbranched polyesteramides are claimed to perform 
better on structure I hydrates than the VCap polymers.28

Various synergists have been claimed to enhance the performance of hyper-
branched polyesteramides.79–80 One example is the reaction product of polyethyl-
eneimine with formaldehyde and caprolactam. This gives polymers with pendant 
caprolactam rings just as one finds in PVCap. Another KHI synergist is made by 
reacting N-methyl butylamine with formaldehyde and polyacrylamide. Other syn-
ergists mentioned are nonpolymeric surfactants with caprolactam or alkylamide 
head groups. A small amount of a quaternary AA can also be formulated with the 
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KHI blend to improve the performance. It is likely that vinyl caprolactam polymers 
are synergists for hyperbanched polyesteramides, due to their different structures, 
although no examples are given in the literature.

9.2.2.4  compatibility of khis
Studies have shown that the performance of commercial KHIs is detrimentally 
affected by some surfactant film-forming CIs. However, compatible CIs have now 
been developed.81–84 Conversely, KHIs can also negatively impact the performance 
of CIs. These effects may be due to preferential adsorption of KHIs on the walls of 
the pipe or due to CI-KHI surfactant-polymer interactions. Also, many classes of sur-
factants, both nonionic, cationic, and amphoteric can accelerate hydrate formation 
especially if they have good foaming or emulsifying properties giving better contact 
of the gas (or gas dissolved in oil) with the water phase.85 KHI-compatible CIs prob-
ably avoid these properties. Scale inhibitors in general are not detrimental to the per-
formance of neutral KHIs, and can in fact enhance the performance in some cases.86 
KHIs have been combined with wax inhibitors in a single injection package.87

9.2.2.5  Pyroglutamate khi Polymers
Polyesters or polyethyleneimines with pendant pyroglutamate groups have been 
developed as high–cloud point, biodegradable KHIs. One of these polymers is 
already in use on a low subcooling, small field application in Europe.88–90 An exam-
ple is given in Figure 9.5. The pendant groups resemble those found in PVP, although 
the point of attachment to the polymer backbone is different. Therefore, the subcool-
ing performance is not expected to be very high, but it is claimed to be somewhat 
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Figure 9.4 Example of a hyperbranched poly(ester amide) structure formed from 
cis-1,2-cyclohexanedicarboxylic anhydride, diisopropanolamine, and 3,3-iminobis(N,N-
dimethylpropylamine).
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better than PVP. Polymers in this class, for example, with fatty acid ester groups, 
appear to show some performance as hydrate AAs. The polyesters are made by con-
densing substituted dicarboxylic acids with diols or polyols followed by reaction with 
pyroglutamic acid. Some of these materials also show AA properties.90

9.2.2.6  Poly(di)alkyl(meth)acrylamide khis
There are many other categories of KHI polymers that have not been commercial-
ized due to cost and availability. Possibly, the most studied examples of these are 
polyalkyl(meth)acrylamides and polydialkyl(meth)acrylamides, one example of 
which is now commercially available (see below; Figure 9.6).91–94 In particular, it has 
been shown that polymers of the methacrylamide monomers give better performance 
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Figure 9.5 One class of pyroglutamate polyester kinetic hydrate inhibitors.
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RNR = cycloimino, R′ = H or CH3).
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than the acrylamide monomers.95 Thus, placing the extra methyl group on the poly-
vinyl backbone makes the polymer less flexible giving less movement of the pen-
dant alkylamide groups in water (lower entropy) giving improved kinetic inhibition. 
This idea was also shown to work for other KHI polymer classes. A paper showing 
that poly(isopropylmethacrylamide) chains have smaller conformational changes in 
aqueous solution than poly(isopropylacrylamide) has been published.96

The best methacrylamide polymer appears to be made from isopropylmethacryl-
amide (IPMA), followed by methacryloylpyrrolidine. Similar to observations with 
PVCap, polyIPMA made from IPMA polymerized in 2-butoxyethanol performed 
better polyIPMA made in isopropanol.97 In fact, a 1:1 IPMA copolymer with VIMA 
gave superior performance to IPMA homopolymer at unoptimized molecular 
weights (Figure 9.7).98 This same copolymer effect with VIMA was discussed ear-
lier for PVCap versus 1:1 VIMA/VCap copolymer, the latter being the better KHI. 
However, at very low molecular weights, polyIPMA (or oligoIPMA) is just as effec-
tive as the copolymer with VIMA. OligoIPMA is now commercially available, but 
no field applications have yet been carried out. Unpublished laboratory tests by the 
vending service company indicate that its performance is superior to commercial 
PVCap technology. It has a cloud point of about 35°C (95°F) in fresh water.

9.2.2.7  other classes of khis
Other classes of noncommercial polymers that have been shown to perform well 
as KHIs are shown in Figures 9.8–9.11. They include alkylamide derivatives of 
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Figure 9.7 Polyisopropylmethacrylamide, polymethacryloylpyrrolidine, and N-vinyl-N-
methyl acetamide/isopropylmethacrylamide 1:1 copolymer.
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maleic copolymers,99 polymaleimides,100 polyalkyloxazolines (or polyacylethyl-
ene imines),101 polyvinyloxazolines, polyallylamides,102 polyaspartamides,103 starch 
derivatives,104 vinyl alkanoate/VIMA copolymers,91 polyvinylalkanamides,105 and 
modified acrylamidopropylsulfonic acid (AMPS) polymers.106 Polyaspartamides also 
showed good biodegradability but performed somewhat worse than a commercial 
1/1 VP/VCap copolymer on structure II gas hydrate. Note that polyvinyloxazolines 
do not contain amide groups, as do other classes of KHI polymers. Also note that the 
amide groups in vinyl alkanoate/VIMA copolymers are not in the same monomer as 
the hydrophobic groups, which are pendant to the alkanoate functionality. The modi-
fied AMPS polymers gave best performance when the hydrophobic R group was five 
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carbons. This suggests that the dominant inhibition mechanism for these polymers is 
perturbing the water structure, preventing hydrate nucleation, rather than attaching 
to hydrate particle surfaces as the R group is not an ideal size for such interactions.

Since the early nineties, it has been known that antifreeze proteins (AFPs) not 
only inhibit ice growth but also inhibit hydrate formation. AFPs, active fragments 
of these AFPs, and mimetics thereof have been claimed as KHIs.107 The AFPs or 
active fragments, originally isolated from fish, insects, plants, fungi, or bacteria, 
can presumably be made in an enzymatic process. Such a process would allow for 
large-scale manufacture, as isolation of large quantities of AFPs from these sources 
is prohibitively expensive. Interestingly, certain AFPs have the ability to eliminate 
the memory effect from melted hydrates.108 The memory effect is the ability of water 
formed from melting hydrates to more easily form hydrates when cooled, than 
water that has not been treated this way. It is generally believed that the hydrate must 
not be melted more than a few degrees centigrade above the hydrate equilibrium 
temperature for the memory effect to be retained: at increased temperatures, the 
effect would be lost. A hypothesis for this memory effect is that water formed from 
melted hydrates retains some of the hydrate structure at the molecular level, such as 
partial cages or polyhedral clusters. However, a neutron-scattering study on methane 
hydrate melted to < 1 K above the equilibrium temperature concluded that there is 
no significant difference between the structure of water before the hydrate formation 
and the structure of water after the hydrate decomposition.188 A second theory for 
the memory effect has been proposed. In a molecular-dynamics computer simula-
tion study of methane hydrate decomposition, it was concluded that the effect relates 
more to the persistence of a high concentration, and retarded diffusion, of methane 
in the melt than it does to the persistence of metastable hydrate precursors.189–190 A 
similar conclusion was drawn in an unpublished NMR spectroscopic study of THF 
hydrate and methane hydrate.191

A commercial terpolymer originally designed for cosmetic use has been shown to 
have good performance as a KHI but no reports of its field use have been published 
(Figure 9.12).109 Polyalkoxylated amines, for example, propoxylated derivatives of 
triethanolamine, have also been shown to have KHI activity although lower than 
most commercial KHIs (Figure 9.13). They may possibly make good synergists for 
other KHIs.110

Non-polymeric imidazolium-based ionic liquids have been shown to perform as 
thermodynamic and kinetic hydrate inhibitors, albeit at fairly extreme conditions.111

9.2.2.8  Performance testing of khis
There are several methods of testing the performance of KHIs. If an operator is 
interested in qualifying a KHI for field use, the minimum hold time at the worst-case 
subcooling field conditions is usually determined43,112 (the hold time is the dura-
tion between the moment when the system enters the hydrate stability domain and 
the onset of hydrate formation). This will give a conservative value of the dosage 
required to eliminate hydrate problems since the flowline is not at the maximum 
subcooling and pressure all the time. As mentioned earlier, the tests should be run 
at the system pressure since several studies have indicated that hold times vary with 
pressure even at the same subcooling.29–31 Shut-in tests with no flow must also be 
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included for field verification under planned or unplanned shut-in conditions, as well 
as tests in the presence of other production chemicals, particularly CIs: many film-
forming CIs are known to drastically reduce the KHI performance. The tests can 
be carried out in autoclaves, rocking cells, pipe wheels, or loops with the actual 
field fluids and gas composition. Tests in large loops and pipe wheels are generally 
the last and best step before field trials or field implementation of the KHI. This is 
because test results from small, “clean” laboratory equipment are most influenced 
by the stochastic nature of hydrate formation. Thus, a test needs to be repeated a 
number of times to judge the performance. It has been suggested that theoretically, 
an infinite number of identical KHI tests in the laboratory should be run, and that 
the worst result should be taken as the performance expected in the field at the same 
PT and fluid conditions.112 In practice, operators will usually not risk operating the 
production line right at the performance limit of a KHI, but at perhaps 1–2°C less 
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subcooling (or higher dosage) than was qualified in the laboratory or pilot tests. In 
fact, a hydrate plug formed in the presence of a KHI is harder to dissociate than a 
plug formed without KHI present.186

If it is only of interest to rank the performance of KHIs, other methods also 
become available. For example, one can cool the inhibited system without agitation/
flow to a preset temperature in the thermodynamic hydrate-forming region and then 
begin agitation. The induction time to hydrate formation can then be measured for 
each KHI.113 Alternatively, constant cooling into the hydrate region with agitation/
flow can be carried out and the onset of hydrate formation measured: the lower the 
onset temperature, the better the KHI.114 The cooling can also be ramped, such that 
the temperature is held constant for a number of hours before cooling again to a 
higher subcooling, and so forth. This makes it easier to detect the onset of hydrate 
formation because the pressure is held constant at each ramped temperature. A new 
method has been developed that claims to give less scattering in the induction time 
(or hold time) data due to the stochastic nature of hydrate formation.115 This method 
entails forming hydrates, then melting the hydrates to just above the equilibrium 
temperature for a short time so as to preserve hydrate “precursor” structures in 
the water phase (the so-called memory effect) and then cooling to a preset tempera-
ture in the hydrate-forming region. The holdtime is claimed to be more repeatable 
with this method because hydrate formation is mainly triggered by heterogeneous 
germination. However, different KHI polymers will affect the rate and temperature 
of hydrate dissociation to different degrees, so you do not have a constant amount of 
precursors in all experiments on cooling, which may affect the ranking of KHIs 
adversely. Injection of the KHI after dissociation of the hydrates could overcome 
this. More work is needed on this new method. Another method for testing KHIs 
uses differential scanning calorimetry and relies on making stable water-in-oil emul-
sions.193 The length of the delay times to first detected hydrate formation are greater 
with an emulsion than without and appear more scattered.

Induction time and crystal growth inhibition experiments on THF hydrate (struc-
ture II) at atmospheric pressure can give information on the performance of some 
KHIs (and crystal growth–modifying AAs), but can be misleading for other KHIs 
because THF is very water-soluble and the inhibition mechanism may be different 
from a real gas system.116 For example, low molecular weight PVP gave best results 
in real gas hydrate systems whereas high molecular weight PVP was best at inhibit-
ing the growth of THF hydrate crystals.117 In addition, some polymers are not soluble 
in THF-water mixtures but are in water alone.

KHI polymers are relatively expensive and used at a higher continuous dosage 
compared with other production chemicals. However, their use can give substantial 
capital and operational cost savings compared with alternate hydrate control strate-
gies. KHI/THI blends can also be used. A method to recover and reuse a KHI poly-
mer has been claimed although no practical field applications are known.118

9.2.3  Anti- AgglOmERAntS

AAs are a class of LDHI, the best of which can prevent hydrate plugging at higher 
subcoolings than KHIs. There are two subclasses of AAs:
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production or pipeline AAs•	
gas-well AAs•	

All AAs allow hydrates to form but they prevent them from agglomerating and, 
subsequently, accumulating into large masses. A pipeline AA enables the hydrates to 
form as a transportable nonsticky slurry of hydrate particles dispersed in the liquid 
hydrocarbon phase. Gas-well AAs disperse hydrate particles in an excess of water. 
Products in both categories are in commercial use.

Pipeline AAs cannot be used on gas fields because they require a liquid hydrocar-
bon phase. In general, the water cut for pipeline AAs should be below approximately 
50%, otherwise the hydrate slurry gets too viscous to transport. A method to over-
come this problem by adding water to the fluid mixture in an amount sufficient to 
lower the gas/water ratio sufficiently to achieve a pumpable hydrate slurry has been 
disclosed.119 AAs can perform at higher subcoolings than the KHIs and are thus 
applicable for severe and/or deepwater applications.

9.2.3.1  emulsion Pipeline aas
There are two mechanisms by which the pipeline AA effect can be accomplished. 
In one mechanism, a surfactant is injected that forms a special kind of water-in-oil 
emulsion. This emulsion confines hydrates to form within the water droplets, and 
the hydrates never agglomerate. The end product is a slurry of hydrate particles in 
a hydrocarbon phase. Dosage levels are around 0.8–1.0 wt.% based on the water 
phase. Many classes of surfactant have been claimed as emulsion AAs including 
diethanolamides, dioctylsulfosuccinates, sorbitans, ethoxylated polyols, ethoxylated 
fatty acids, and ethoxylated amines. The best examples of emulsion AAs appear to 
be polymeric surfactants such as those based on polyalkyleneglycol derivatives of 
polyalkenyl succinic anhydrides, or carboxylic acid hydroxycarbylamide, substituted 
or nonsubstituted, and a carboxylic acid monoethanolamide or diethanolamide con-
taining three to six carbon atoms.120–122 Compositions comprising at least one ester, 
associated with a nonionic cosurfactant of the polymerized (dimer and/or trimer) 
carboxylic acid type have also been found to perform well as emulsion AAs.123 The 
emulsion AA additive can be recycled.124 Pilot and field trials have been carried out 
on one product with mixed success but no full field applications have been carried 
out.125–126 Work on this class of AA has now been disbanded by the original authors. 
There are a couple of drawbacks to the emulsion AA technology. First, the water 
phase has to be thoroughly emulsified before entering hydrate-forming conditions; 
otherwise, hydrate agglomeration and deposition are likely. Can this be guaranteed 
in the field? Second, hydrates form from condensed water on the upper walls of the 
pipe during laminar flow or during shut down. The condensed water problem and 
also slurry transportation difficulties may be overcome when the flow is not stratified 
(higher liquid volumes and flow rates).

9.2.3.2  hydrate-Philic Pipeline aas
The other mechanism by which pipeline AAs work was discovered in the early 
nineties.28,127 In this mechanism, the surfactant molecule has a head group that 
is “hydrate-philic” (seeks hydrate crystal surfaces) and a tail that is hydrophobic 
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(oil-loving). When several of these surfactant molecules are attached to the hydrate 
crystal surface, further growth is disrupted and the crystal becomes hydropho-
bic. It is then easily dispersed in the liquid hydrocarbon phase. Many classes of 
surfactants that are not hydrate-philic actually accelerate hydrate formation and 
have been studied for use in natural gas storage and transportation as gas hydrate. 
Several classes of surfactants have been shown to have hydrate-philic AA prop-
erties, such as caprolactam and alkylamide surfactants, but only one class has 
become commercialized and is in use today. These are quaternary ammonium sur-
factants with head groups that in most cases contain two or more n-butyl, n-pentyl, 
or iso-pentyl groups (Figure 9.14).128 These were discovered in the early nineties, 
and there are now about five quaternary AAs commercially available from various 
sources. The quaternary head group could also be phosphonium-based, but this 
would make the AAs more expensive. In general, butyl groups rather than pentyl 
groups are used in commercial pipeline AAs, due to the ease of manufacture and 
costs. Like KHIs, the performance of quaternary AAs are also dependent on the 
composition of the hydrocarbon fluid. The performance of AAs has been shown 
to decrease as the naphthenic acid content of a crude oil increases.187 A possible 
explanation, assuming the AA studied was a cationic surfactant, is that naphthen-
ate anions are ion pairing with the AA, increasing its oil solubility and moving it 
away from the oil-water interface where it needs to be to function. A high phenol 
content in a crude oil can also be detrimental to the AA performance. Quaternary 
pipeline AAs show fairly good corrosion inhibition, and, since they are injected at 
several thousand parts per million, there is sometimes no need for an extra special-
ized CI.

Regarding the mechanism of quaternary AAs, there is evidence that the butyl or 
pentyl groups penetrate open cavities and get embedded in the hydrate crystal sur-
face preventing the surfactants from detaching.28 This may be why they work better 
than other surfactants that can interact with hydrate surfaces but not get embedded. 
The quaternary surfactant AAs generally perform better at increasing salinity.129 
Polymeric surfactants (for example, PVCap or hyperbranched polyesteramides with 
long, hydrophobic tails attached) do not appear to work well as “hydrate-philic” 
pipeline AAs.
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Figure 9.14 General structures of the butylated single- and twin-tail quaternary AAs. R = 
long alkyl chain with optionally a spacer group, R′ = H or CH3, X = counter ion.
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All classes of quaternary surfactant AAs currently on the market have a single 
hydrophobic tail. A twin-tail quaternary surfactant AA has been in commercial use 
but will now no longer be manufactured (Figure 9.14). The twin tail AA has ester 
linkages giving it fairly good biodegradability.130 It partitions mostly in the oil phase, 
whereas the single-tail AAs partition mostly in the aqueous phase. The best single-
tail AAs are claimed to work to very high subcoolings (possibly without limit if 
the dosage is high enough), whereas the twin-tail AAs appear to work up to about 
14–15°C (25–27°F) subcooling at a dosage of only 0.25–0.3 wt.% (active surfac-
tant). The single-tail AAs require a higher dosage and do not perform as well in 
fresh water; performance is usually better as the salinity increases, given the same 
subcooling. They can also adversely affect the discharged water quality. Further, the 
performance of AAs under shut-in/cooldown conditions seems to depend strongly on 
the rate at which the system is cooled.112 Field applications of the single-tail quater-
nary AA have been reported since 2000.133–136 They have also been found to work in 
highly sour systems.137

The first version of the twin-tail quaternary AA had no ester spacer groups and 
had poor biodegradability. The second version of the twin-tail quaternary AA was 
made from N-butyl diethanolamine and had ethylene spacer groups between the ester 
groups and the quaternary nitrogen atom.138 It was found that addition of a small alkyl 
branch (methyl or ethyl) to the spacer group improved the performance of the AA.139 
Specifically, the performance of shut-in/start-up loop test with preformed hydrates 
slurries were improved. A longer spacer group such as propylene gave worse perfor-
mance. The twin-tail quaternary AA also contained a certain amount of unquater-
nized amine in the finished product. The amine actually improves the performance 
of the AA as well as helping break emulsions. A field application of the twin-tail qua-
ternary AA has been reported.140 The shelf life of this AA is only about 1 year due 
to degradation of the ester groups. Manufacture of this twin-tail quaternary AA has 
been discontinued, due to additional costs in having the chemical approved under the 
European Community’s new REACH environmental regulations. The operator plans 
to switch to the use of KHI as the maximum subcooling on this condensate field has 
dropped and is now within the performance range of this class of LDHI.

The original single-tail quaternary surfactant AAs are poorly biodegradable and 
fairly toxic. However, the toxicity is claimed to be reduced by addition of anionic, 
nonionic, or amphoteric surfactants or polymers (anionic surfactants appear most 
preferable).141–143 Examples are sodium dodecyl sulfate and ammonium alkyl ether 
sulfate. Interestingly, this also improves the performance of the AA or allows a lower 
active dosage to be used. Another company has claimed the use of a single-tail qua-
ternary AA with an anionic surfactant counterion as an ion-pair amphiphile blend. 
This makes it more oil-soluble.144 Examples include benzyl dimethyl cocoamine/tall 
oil fatty acid ion pair. A field application has been reported.145 The improvement in 
performance of the quaternary AA by adding an anionic surfactant may be due to 
the anionic surfactant following the quaternary surfactant down to the hydrate crys-
tal surface as an ion pair, giving extra coverage of the crystal surface and enhancing 
the hydrophobicity of the crystals.

Another oil-soluble quaternary AA, claimed to be useful for high water cuts 
and subcoolings up to 16.7°C (30°F), has been reported by a service company.146–147 
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The same company has an international patent application on AAs claiming a wide 
range of quaternary ammonium and phosphonium surfactants, some with degrad-
able ester or amide linkages, although some betaine and amine oxide surfactants are 
also mentioned.148a A further more specific patent claims certain amido quaternary 
surfactants as AAs.148b An example is N,N-dibutyl-cocoamidopropyl carbomethoxy 
betaine. The commercialized AA is further claimed to be less toxic than other com-
mercial AAs, to perform at lower dosages than the original quaternary AAs, to give 
better-produced oil/water quality, and to not destabilize asphaltenes. In laboratory 
tests, it has been proven to prevent hydrate blockages even at water cuts up to 80%. It 
is generally believed that AA applications are limited to below about 50% water cut; 
otherwise, the slurry is too viscous to transport. However, AAs could theoretically 
work at higher water cuts if the salinity is very high. In such a situation, not all the 
water may be converted to hydrates. This is because the unconverted water will have 
a higher concentration of salts and may be sufficiently thermodynamically inhibited 
that further hydrates will not form. This highly saline water, together with the liquid 
hydrocarbon, can act as the transport medium for the hydrate particles.

The performance of the original single-tail quaternary AAs is claimed to be 
improved by blending it with an amine salt and optionally a solvent.149 The amine salt 
contained preferably alkyl or hydroxyalkyl groups with one to three carbon atoms or 
an ammonium salt could be used. Other quaternary surfactant AAs such as dialkoxy-
lated quaternary ammonium compounds, quaternized N,N′-dibutylaminoalkyl ether 
carboxylates, and quaternized alkylaminoalkyl diesters have been patented.150–152

Another patent application describes a method to make hydroxy quaternary 
surfactant AAs from halohydrins (Figure 9.15). It states that reaction of hindered 
amines such as tributylamine with alkyl halides is difficult, often giving poor yields 
of single-tail quaternary AAs.153 By reacting a halohydrin, such as epichlorohydrin, 
with a long-chain alcohol, the 1,2-hydroxyhalide reaction product will react more 
easily with tributylamine to form a high yield of quaternary AA because the reaction 
proceeds via a protonated epoxide.

Quaternary surfactant AAs based on oxazolidinium compounds have also 
been patented.154 Particularly useful compounds are shown in Figure 9.16. The 
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Figure 9.15 Hydroxy quaternary AAs made from halohydrins.
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Figure 9.16 Examples of oxazolidinium AA compounds where R is preferably C12–14.
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oxazolidinium compounds are formed by the reaction of a halohydrin or an epoxide 
with a secondary amine and an aldehyde or a ketone. The oxazolidinium compounds 
are formed directly and do not require the reaction of a preformed oxazolidine with 
an alkylating agent.

Since quaternary ammonium surfactant AAs are generally fairly toxic and 
only partially biodegradable, attempts to find greener, nonquaternary AAs have 
been the subject of research, although the subcooling performance appears to be 
compromised. Examples are caprolactam and alkylamide surfactants with head 
groups identical to the pendant groups found in VCap- and alkylacrylamide-based 
KHIs.155–156 Zwitterionic quaternary AAs have also been investigated.157 Also, cer-
tain alkoxylated and/or acylated nonquaternary nitrogen-containing compounds 
have been claimed.158 Further, biodegradable biosurfactants, such as rhamnolipid 
biosurfactants have been shown to exhibit AA behavior with a model oil and THF 
hydrate.159–160 The performance is improved by adding alcohol cosurfactants. None 
of these classes of AA are at present commercially available.

9.2.3.3  Performance testing of Pipeline aas
AAs can be tested for performance in rocking cells, autoclaves, pipewheels, and 
loops. Rocking cells are a good way of screening AA candidates at a variety of test 
conditions and are often used by the service companies as the first step in qualify-
ing a product.142 A metal ball is rocked back and forth in a cell containing hydrate-
forming fluids with an observation window (e.g., sapphire) and sensors at the end of 
the cell detect when hydrate deposits prevent the ball from touching the ends. Visual 
observations are paramount in such tests. Stirred autoclaves with observation win-
dows and torque measurements have also been used.155 Certain pumps in a pipe loop 
may break up hydrate particles contributing to the AA effect. If one is only interested 
in studying the build-up of hydrate deposits on the pipe loop walls, this can be done 
by warming up the fluids after each circulation to melt any transportable hydrates 
and recooling in the section of pipe after the pump.139 Wheel pipes avoid the use of 
pumps altogether.161–162 Changes in the torque on the wheel indicate hydrate deposi-
tion as well as visual observations in one section of the wheel. One usually needs to 
test the performance of an AA in three situations at varying water cut:

 1. Cooling into the hydrate region under flowing conditions
 2. Restart after a shut-in period with a preformed hydrate slurry
 3. Cooling into the hydrate region during shut-in, then a restart after a shut-in 

period

9.2.3.4  natural surfactants and nonplugging oils
Some oils have been shown to give no hydrate plugs in laboratory tests at varying water 
cuts28,163–165 It appears they contain natural surfactants that prevent hydrate agglom-
eration and deposition, although it is uncertain which mechanism is operating, the 
emulsion AA mechanism or the “hydrate-philic” mechanism. In addition, no research 
group has managed to determine the exact structure of the active components in these 
nonplugging oils although the naphthenic acids, maltenes, and asphaltenes are sus-
pected for the AA behavior. A large percentage of these components do not necessarily 
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prevent the oil from forming hydrate plugs in a multiphase system. Further, the non-
plugging property of a crude oil appears to be a whole oil property and not those of 
a “magic” component. In theory, it should be possible to carry out multiphase trans-
portation with a nonplugging oil, although no fields have yet been reported to have 
been developed with this hydrate plug prevention strategy.166 However, one operator 
benefits from knowledge of their nonplugging oils in their ongoing hydrate prevention 
strategy.167 In addition, one North Sea operator no longer uses thermodynamic hydrate 
(THI) on a subsea multiphase pipeline as the line was found not to plug with hydrates, 
even after shut-in/start-ups, when THI was inadvertently stopped or underdosed.

9.2.3.5  gas-well aas
Polyetherpolyamines, such as polyetherdiamines (particularly of the oxypropylene 
type), have been shown to disperse hydrates in an excess of water (Figure 9.17).28,168–170 
Molecular weights of these polymers are low, usually under 500. Quaternized deriv-
atives gave better performance in such tests than PVCap, or several hydrate-philic 
quaternary pipeline AAs.171

Polyetheramines have been used downhole for several years to prevent hydrate 
blockages in over 100 gas wells, mostly onshore, but also offshore.172 A strong syn-
ergistic effect was discovered at a certain ratio of methanol and polyetheramine.173 
Use of the polyetheramines in completion and fracturing fluids has also been pat-
ented.174 As mentioned earlier in this chapter, polyetheramines are good synergists 
for VCap-based KHIs. A pipeline field application of a polyetheramine AA has also 
been reported.170 In this case, the AA is injected and, if hydrate buildup in the line 
is “detected,” a THI is injected until the line is clear. Injection of the AA can then 
be continued. The rate of THI injection would also be increased in a shut-in to give 
thermodynamic protection.184 Polyetheramines and their derivatives are also good 
CIs, particularly against H2S corrosion (see Chapter 8 on corrosion control).

Related to polyetheramine chemistry, certain polypropoxylated polyamines have 
been shown to display AA properties in oil/brine/gas systems as long as there is good 
agitation of the fluids.192

9.3  gas hydrate Plug removal

Under normal production operations, hydrate plugs can form both in the top of a cold 
climate or subsea well during shut-in or in the topside flowline.175 There are various 
ways of removing a hydrate plug including:

depressurization•	
extended reach coiled tubing or tractors•	
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Figure 9.17 Structure of a typical polyetherdiamine AA.
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heated wireline•	
hot oiling•	
chemical treatment•	

Recent advances in multiphase-flow modeling capabilities allow operators to con-
duct detailed assessments of the impact of blowdown with a hydrate plug present at 
any point within the wellbore or pipeline.18 Industry has also been developing new 
tools that can be deployed at short notice to depressurize the pipeline or wellbore. 
Depressurization on both sides of the plug is recommended to avoid hydrate plugs 
breaking loose suddenly and becoming dangerous projectiles. In one deep water 
North Sea field, where the seabed temperature is below 0°C (32°F), experiments 
showed that hydrate plugs will always convert into ice plugs during depressurization 
at subzero temperatures. Currently, there are no technologies that can guarantee the 
removal of an ice plug that is located (for example) 20 km downstream of the pipe-
line inlet. Various extended-reach coiled tubing capabilities for ice or hydrate plug 
removal are under development, which will be especially useful for long, deepwater 
tie-backs. Hot oiling to the tubing-casing annulus has been shown to melt dry tree 
well hydrate plugs.176

There are two methods of removing a hydrate plug by chemical treatment:

use of thermodynamic inhibitors (THIs)•	
heat-generating chemicals•	

The first method is commonly used in the field, but the second method has only 
rarely been used.

9.3.1  uSE Of thERmOdynAmiC hydRAtE inhiBitORS

As the earlier section on THIs mentioned, these chemicals are not only useful to 
inhibit gas hydrate formation but can melt hydrate (or ice) plugs that have formed. 
Methanol and MEG are the preferred THIs for hydrate plug melting. However, 
they do not always work as planned in remediation operations.177 This is because 
the hydrate plug properties are critical in determining the melting efficiency of 
THIs.178–179 The plug properties, the density and viscosity of the THI, and the contact 
area between the THI and the plug are the most important factors in determining 
the melting efficiency.180 For very porous plugs, the low viscosity of methanol seems 
to be beneficial during melting. Otherwise, denser MEG can be more efficient for 
other types of plugs. MEG is denser than oil, but methanol is not. Hence, MEG will 
penetrate oil above the hydrate plug, and not just the plug itself. Inhibitor mixtures 
of methanol/MEG and CaCl2/methanol did not result in higher melting efficiencies. 
Potassium formate could be a potential low-corrosive hydrate plug meter. Aqueous 
solutions can be up to 75 wt.% and are very dense.

9.3.2  hEAt-gEnERAting ChEmiCAlS

Heat-generating chemicals have been used to remove both hydrate and wax depos-
its. The first system, developed originally for wax removal, uses a blend of an 
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ammonium salt and sodium nitrite (to make ammonium nitrite) and an acid catalyst 
(e.g., acetic acid) or precatalyst, which generates acid in situ. If a precatalyst such 
as an acid anhydride is used, heat is generated after a built-in time delay.181–182 This 
chemical system has been called the “SGN process.” The acid catalyzes decom-
position of the ammonium nitrite to yield sodium chloride, nitrogen, water, and 
heat. It has been used to remove hydrate plugs in subsea Christmas trees.183 The 
second method relies on a simple in-situ acid-base reaction (e.g., hydrochloric acid 
plus sodium hydroxide) to generate heat.184 Due to the rapid reaction kinetics, the 
acid and base must be mixed where required, such as on top of a hydrate plug in 
the top of a well. The use of heat-generating chemicals does entail a certain risk 
if not designed and deployed correctly. As a worst-case scenario, loss of control of 
the exothermic reaction could lead to unexpected stress to pipeline materials and 
potential failure.
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10 Wax (Paraffin) Control

10.1  introduction

Wax (or paraffin) deposition can be both a downhole and topside problem, blocking 
the flow of hydrocarbons fluids as they are cooled.1–3 Waxes are solids made up of 
long-chain (> C18), normal or branched alkane compounds that are naturally present 
in crude oils and some condensates.4 Some cyclic alkanes and aromatic hydrocar-
bons may also be present. It has been established conclusively that normal alkanes 
(nparaffins) are predominantly responsible for pipeline wax deposition. Waxes in 
crudes are usually harder to control than those in condensates as they are of longer-
chain alkanes. When the molecular size is 16–25 carbon atoms, soft mushy waxes 
are observed. Hard crystalline waxes have 25–50 or more carbons in the chain. 
The melting point of the paraffins increases as the size of the molecule increases. 
Generally, the higher the melting point, the more difficult it is to keep the paraffin 
from forming deposits.

In the reservoir, at high temperature and pressures, any waxes within the oil will 
be in solution. As the crude oil temperature drops, wax will begin to precipitate 
from the crude oil, usually as needles and plates. In addition, as the pressure drops 
during production, loss of low molecular weight hydrocarbons (light ends) to the gas 
phase reduces the solubility of the waxes in the oil. The wax appearance tempera-
ture (WAT) or cloud point is the temperature at which the first wax crystals begin 
to precipitate from the crude oil. The WAT can be as high as 50°C (122°F) for some 
oils and depends on the pressure, oil composition (in particular, the concentration of 
light ends), and bubble point. Wax precipitation/deposition is normally a problem at 
a higher temperature than gas hydrate formation.5 The oil that reaches the sales tank 
will often contain paraffinic solids. This oil, because of the loss of light ends and 
the lower-temperature environment, has lost much of its ability to hold the waxes in 
solution. Typical problems caused by wax deposition include:

reduction or plugging of pipework, blocking flow—this can be downhole if the •	
well temperature is low, or topside in cold climate or subsea transportation
increased fluid viscosity leading to increased pumping pressure•	
restartability issues caused by wax gel strength•	
reduced operating efficiency and process upsets with interruptions to pro-•	
duction or shutdowns
costly and technically challenging removal, especially in deepwater pipelines•	
safety hazard due to deposits interfering with the operation of valves •	
and instruments
disposal problems associated with accumulated wax•	
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Figure 10.1 illustrates a typical phase diagram for wax precipitation. Position A is 
the reservoir pressure with the oil undersaturated. As the fluids are produced, the 
pressure falls and the light ends expand in greater proportion to the dissolved waxes 
increasing their solubility and yielding a lower WAT. At the bubble point (B), the 
volume ratio of light ends to heavy ends is at its greatest so the WAT is at its lowest. 
Reducing the pressure still further (C) results in liberation of dissolved gases and 
light ends to the gas phase. This reduces the solubility of the wax, and so, the WAT 
increases. This effect can change the WAT by as much as 15°C (27oF) compared with 
stock tank oil at 1 bar.

Wax precipitation has three effects:

Gradual pipe restrictions due to deposition at the wall.•	
The resulting reduced flow is due to a combination of reduced pipe •	
diameter and an increase in pipe wall roughness due to the wax deposit. 
Complete blockage is rare.

Increased fluid viscosity•	
This leads to subsequent pressure loss in the line. In worst cases, gelling •	
of the fluid can totally stop production.

Formation of wax gel•	
This can occur if a pipeline is shut in, the fluids cool below the pour point, •	
and a gel results at zero shear rate. If the yield stress of the gel is higher than 
the maximum pipeline pressure, then the line cannot be restarted.

10.1.1  wAx dEPOSitiOn

Wax deposition is considered to occur by two primary mechanisms:

50

45

40

35

30

25
150 300 450 6000

Pressure/Bar

Te
m

pe
ra

tu
re

/º
C

B

C

A

Figure 10.1 A typical phase diagram for wax precipitation.
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 1. If the pipe wall is colder than the WAT, wax can form and deposit at the 
wall. This can occur even if the bulk fluid is above the WAT. This is called 
the “molecular diffusion mechanism.”

 2. Already precipitated wax close to the pipe wall will move to a region of lower 
velocity at the pipe wall and deposit. This is known as shear dispersion.

Thus, wax deposition by mechanism 1 can occur below and above the WAT. 
Mechanism 2 only operates below the WAT. The rate of wax deposition depends 
largely on mechanism 1 above, and the hydrodynamics since the rate of wax strip-
ping from the walls is considered crucial. Although up to eight different mechanisms 
have been proposed in the literature to contribute to the transport of either solid or 
liquid waxes toward the cold wall, the only one with a significant flux toward the wall 
is the so-called molecular diffusion.6 That is to say, liquid waxes are driven toward 
the cold wall by a concentration gradient. However, a reliable universal model for 
wax deposition is still to be agreed upon. For example, a laboratory study using 
multiphase fluids concluded that there has to be a different wax deposition mecha-
nism operating for some fluids than those based on conventional diffusion theory.6 
Another pilot loop study demonstrated that the wax deposit could result from flow 
patterns caused by rheological factors.6 Computer models for determining the rate 
and amount of wax deposition are commercially available. All wax models are based 
on empirical correlations and require comprehensive analytical data for the aliphatic 
and aromatic components of crude up to about C50.

For some oils, wax deposition can begin in the lower part of the well if it is cool 
enough. Such wells can be intermittently shut in and “dewaxed” via use of chemicals, 
hot oil, or water, wireline cutters, or through-flow line tools. Major wax deposition 
problems can occur in subsea flow lines and risers, especially in cold or deep water 
where the wall temperature is very low, unless it is well insulated or heated. Wax 
deposition and the WAT are both affected by the amount and type of asphaltenes 
in the crude or condensate. In general, a significant reduction in wax deposition is 
observed for crudes containing a high proportion of asphaltic components. The idea 
that the WAT is a function of asphaltene surface area has been proposed and sup-
ported by experiment.7

10.1.2  inCREASEd viSCOSity And wAx gElling

The second wax-related problem is increased viscosity and even gelling of the oil 
due to high amounts of wax precipitation in the oil. Very waxy crudes are usually 
more prone to this problem. On cooling, the waxes separate out as platelike crys-
tals, which interact together to form a three-dimensional network in which liquid oil 
becomes trapped, resulting in increased oil viscosity, decreased oil flowability, and 
pressure loss in the pipeline.

If a crude oil production pipeline is shut-in, the fluids may cool further and a 
gel may result at zero shear rate. If the yield stress of the gel is higher than the 
maximum pipeline pressure, then the line cannot be restarted.8a Experimental results 
on 24 crudes showed that approximately 2 wt.% precipitated wax is sufficient to 
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cause gelling of a virgin waxy crude.8b The experimentally measured “pour point” 
is a rough measure of the temperature where the crude oil begins to gel. It is often 
10–30°C (18–54°F) below the WAT and may not be reached during continuous pro-
duction but only during shut-in. The presence of asphaltenes has been shown to lower 
the pour point of a crude, whereas naphthenic acids increase the pour point.9 Other 
factors such as flow regime and water will affect the viscosity and gelling point.

10.2  wax control strategies

Mixing of waxy crude oils, particularly heavy crudes, with a diluent is sometimes 
applied to avoid wax problems in pipelines. The diluent can be a gas condensate, 
natural gas liquids, or light crude with a lower WAT or pour point. As a result of this 
mixing, the wax content of the waxy crude is diluted, which reduces its WAT or pour 
point to lower temperatures.

There are several other ways to control wax gelling and the buildup of wax depo-
sition downhole and in flowlines:

insulation•	
mechanical removal•	

pigging of transportation lines•	
wireline cutters downhole•	

heating•	
downhole•	
flowline•	

wax dissolvers•	
wax (paraffin) inhibitors, pour-point depressants (PPDs), and dispersants•	
magnets•	
shock chilling (cold flow)•	
ultrasonics•	
microbial treatment•	

Only chemical wax control (removal and prevention) will be discussed in detail in 
this chapter.

Pigging of pipelines to prevent the buildup of wax deposits is very common and is 
done at regular intervals.10 A wax deposition simulator can be used to determine the 
pigging frequency and pressure drop across the line. Pigging is often carried out in 
conjunction with continuous wax inhibitor treatments, which reduces the rate of wax 
deposition and softens the deposited waxes. Cutting out wax mechanically down-
hole is a relatively simple procedure and requires extensive well shutdown time. 
Moreover, it is extremely inefficient inasmuch as substantial amounts of wax often 
remain in the well.11

Insulating a pipeline can help keep the transported fluids above the wax deposi-
tion temperature. Vacuum insulation has been carried out on a number of subsea 
fields.12 Although expensive, pipeline heating can be a viable option for subsea multi-
phase transportation particularly if it can simultaneously alleviate more serious gas 

© 2009 by Taylor and Francis Group, LLC

  



Wax (Paraffin) Control 265

hydrate problems. Heating can be carried out using electricity (inductive heating) or 
hot water, either in bundles or pipe-in-pipe systems.13–15

Shock chilling or cold flow has been discussed as a method to prevent wax deposi-
tion in oil transportation, particularly in deep water where the temperature is very 
low and wax deposition severe.16–17 The idea is to cool some of the waxy oil as quickly 
as possible thereby precipitating the wax in the bulk fluid as much as possible rather 
than on the pipe walls. The first-formed seed particles of wax will then provide 
sites for further growth of wax crystals. Eventually, all the wax will be formed as 
a dispersion of transportable wax particles with little or no deposition on the pipe 
walls. This nonchemical method is still at the research stage. The same method is 
currently being researched for preventing gas hydrate blockages (see Chapter 9 on 
gas hydrate control). Methods whereby wax is caused to deposit on scale particles, 
induced by electric or electromagnetic fields, rather than on the pipe walls have also 
been claimed.18

Permanent magnets and electromagnets (or magnetic fluid conditioning, MFC) 
have been used to prevent wax deposition, mostly downhole. The technology is 
much used in Asia, less in the West. By 1995, as many as 14,440 magnets had been 
installed in China with a claimed good success rate.19 Multiple magnets are claimed 
to work better.20 Pulsed electric or magnetic field have also been shown to reducing 
the viscosity of crudes.21 However, as with scale control, the laboratory and field 
success rate has been variable. Negative field results may result because the operator 
uses the technology at field conditions beyond the performance of the product. Some 
laboratory studies have shown a positive effect of magnets in reducing wax deposi-
tion and viscosity.22–23 The effect is reported to be greater in condensate systems 
rather than crude oil.24 The presence of water and its salinity may also impact mag-
netic wax treatment although effects of magnets on wax deposition have been seen in 
purely hydrocarbon systems.25 A university project for DeepStar, a deepwater R&D 
program sponsored by a consortium of oil companies, produced results showing that 
MFC does indeed lower the WAT.26 The decrease was small (ca. 2°F), although 
the MFC system was not optimized.

Various ways of placing a heating element downhole to melt and remove wax have 
been reported. A less expensive process using an inductance heating element and 
avoiding the variable resistance heating method has been patented.27 Polar water-wet 
glass lining tubing or epoxy phenolic coating compound have been used to prevent 
waxes adhering to surfaces downhole.28

Microbial treatment has been shown to remove wax from oil wells.29 Oil produc-
tion increased, and 16 cycles of thermal-washing treatment and 44 cycles of additives 
were eliminated from the wells during 4 months of testing. Considerable economic 
profit was achieved. Microbial remediation of wax is a fairly expensive technique on 
a large scale. However, the performance is described as very good for wells treated 
in China.28 The metabolic by-products such as organic acids and biosurfactants also 
have the ability to disperse wax and other organic deposits and increase their solubil-
ity in produced fluids.30 The use of enzymes has also been studied for use in subsea 
oil transportation.30 For example, specific enzymes for C20–30 alkanes were identi-
fied. The initial studies showed that the enzymes could lower the pour point of a 
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crude by some few degrees celsius. More dramatic was the decrease in viscosity at 
seabed temperatures.

Ultrasonic treatments downhole has been shown in laboratory tests to remove 
wax deposits and has been proposed as a new downhole treatment. The method is 
suggested to be particularly effective at treating long sections of pay where chemical 
methods may be too expensive.31

10.3  chemical wax removal

There are several methods of using chemicals to remove wax deposits, which can be 
summarized as follows:

hot-oiling•	
wax solvents•	
thermochemical packages•	

10.3.1  hOt-Oiling And RElAtEd tEChniquES

Hot-oiling, to melt and dissolve wax deposits, has been carried out as long as there 
has been oil production. In the hot-oiling method, produced crude is heated to a tem-
perature well above the melting point of the wax and is then circulated down through 
the annulus of the well and returned to a hot-oil heating system via the production 
tubing. The purpose here is for the hot oil to melt and/or dissolve the wax so that 
it can be removed from the well in liquid form. This is an expensive method since 
the crude must be put through a heater treater along with a demulsifier to facilitate 
the removal of solids and water therefrom. Therefore, it is not usually used to clear 
subsea flowlines. During the hot-oiling process, a wax dispersant, which is often a 
petroleum sulfonate, is added to the crude as it is being heated. The wax dispersant 
assists in dispersing the melted wax in the hot-oil phase. Formation damage due to 
hot-oiling has been reviewed.32 The technique of hot-oiling can be dangerous, par-
ticularly with wells producing a crude having a low flash point. A way of avoiding 
excessive temperatures has been claimed. Thus a mixture of water, an alkyl aralkyl 
polyoxyalkylene phosphate ester surfactant, a mutual solvent composed of a blend 
of an alcohol selected from the group consisting of aliphatic alcohols, glycols, poly-
glycols, and glycol esters and an aromatic hydrocarbon (e.g., toluene or xylene) can 
dissolve wax when the said mixture is heated to a temperature of 15–20°C (59–68°F) 
higher than the melting point of the wax to be removed.33 Steam or hot water has been 
used to melt waxes downhole. This may cause corrosion and emulsion problems.

10.3.2  wAx SOlvEntS

The practice of using wax solvents downhole and in pipelines to remove wax deposits 
is common. Many toxic solvents have been used in the past such as benzene, chlori-
nated solvents, and combinations thereof, together with other hydrocarbons. Carbon 
disulfide, which has a low flash point, is still used occasionally onshore in the United 
States. The most popular solvents used today include substituted aromatics, such as 
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toluene and xylenes (or distillates containing a high aromatic content), and blends 
with gas oil. One patent claims a solvent composition comprising a substantially pure 
aromatic hydrocarbon such as toluene or xylenes (lower flash point) and an aliphatic 
and/or alicyclic hydrocarbon such as petroleum naphtha. The wax solvent composi-
tion may contain a surfactant.34 A laboratory study suggested that the use of hot sol-
vents (rather than hot-oiling) such as hot xylene has the greatest potential benefit of 
removing wax downhole.35 Aromatic solvents will also remove asphaltene deposits. 
Wax deposition was successfully removed in a subsea flowline using a xylene slug 
swept by produced gas from the well.36 Testing indicated that the problem resulted 
from the interaction between glycol and produced condensate. Overtreatment with 
glycol and low-produced water volumes contributed to the precipitation of paraffin 
and eventual plugging of the flowline.

Aromatics and most alkyl-substituted aromatics are now classified as marine pol-
lutants. Greener and nonhazardous wax solvents based on limonene (a terpene) have 
been claimed.37 Limonene with an alkyl glycol ether and various other polar chemi-
cals have also been claimed.38 Limonene has good biodegradability, shows some 
toxicity toward fish, and has a flash point of 45–50°C (113–122°F). A successful wax 
solvent job was carried out on a large-scale subsea flowline in the North Sea: the wax 
dissolver was a proprietary blend of terpenoid extracts with a good environmental 
rating.39 However, another study concluded that no solvents were capable of fully dis-
solving wax deposits, formed from a condensate, at seabed temperatures (ca. 4–6°C 
[39–43°F]); heating was necessary.40

A chemical dispersant-solvent package, combined with the right mechanical 
application, has been used to remove a wax blockage in a deep-water pipeline, in 
which earlier remedial treatments had failed and compounded the problem.41

10.3.3  thERmOChEmiCAl PACkAgES

Heat can be generated in situ by a chemical reaction, which can be used to melt 
wax deposits. The use of this remediation technique does entail a certain risk, if 
not designed and deployed correctly. As a worst-case scenario, loss of control of 
the exothermic reaction could lead to unexpected stress to pipeline materials and 
potential failure.

Heat can be generated thermochemically by a number of reactions such as the 
reaction of an acid and base. For example, acetic acid, generated by mixing water 
with acetic acid anhydride, can be metered separately from an aqueous solution of 
sodium hydroxide into the downhole tubular or pipeline.42 Such acid-base combina-
tions can be difficult to carry out in practice as the neutralization reaction cannot 
be controlled/delayed and it may also cause corrosion. A preferred neutralization 
reaction that may be less corrosive is that of a sulfonic acid such as dodecylbenzene 
sulfonic acid with an amine such as isopropylamine.43

A more promising thermochemical process is the acid-catalyzed decomposition 
of ammonium nitrite generated in situ.44 This reaction is the basis for a number of 
thermochemical packages used both downhole and subsea to remove wax deposits. 
For example, such a system has been reported to stimulate oil wells on and offshore 
United States.35,45 Previous attempts to stimulate these wells with wax solvents and 
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acid systems were unsuccessful. The exothermic decomposition of ammonium nitrite 
reaction employs a mixture of sodium nitrite and ammonium nitrate or chloride in 
aqueous solution: the reaction products being nitrogen, water, and sodium nitrate or 
chloride (Figure 10.2). For downhole applications, the reaction rate is controlled to 
generate predetermined amounts of heat at a previously established well depth. The 
reaction occurs as soon as the forming salts are mixed, in the presence of HCl as 
catalyst, the control of the reaction being done by buffering the pH of the solution 
in the range from 5.0 to 8.0. The reaction is faster at a lower pH. Control is main-
tained such that the reaction begins gradually and progresses slowly as the solution 
is displaced throughout the production string at constant rate. Some distance above 
the perforations, the reaction rate increases and produces huge amounts of heat, the 
temperature reaching a thermal maximum, heat being lost to the environment, with 
consequent reduction in the temperature of the spent solution. This process is limited 
to noncalciferous formations, since that kind of formation could react with the acid 
catalyst. It is also more expensive than hot-oiling of solvents and may not be eco-
nomical as a means of stimulation in low-producing wells.

A closely related thermochemical system, which has been successfully used to 
remove wax deposits downhole or in deepwater pipelines in Brazil, is based on 
a redox decomposition of high- and low-valence nitrogen compounds releasing 
nitrogen. This system has been called Nitrogen Generating System, or SGN after 
the original Portuguese.46 High concentrations of ammonium chloride (or sulfate) 
and sodium nitrite are emulsified as a water-in-oil emulsion using a surfactant. 
When a catalytic amount of an acid is added to the mixture, a redox decom-
position occurs, releasing nitrogen gas and forming water and sodium chloride. 
The reason for the decomposition is that ammonium nitrite, formed in situ, is 
not stable at low pH. Early versions of the SGN method used an organic acid 
such as acetic acid as catalyst.47 However, the decomposition was not control-
lable enough. Better versions use an anhydride, which reacts slowly with water 
in the emulsion to generate acid in situ.48 The anhydride, dissolved in a suitable 
solvent, can be added to the emulsion as it is being pumped. Claimed anhydrides 
include a polyanhydride such as poly(adipic) anhydride or preferably a copolyan-
hydride such as poly(adipic-co-sebacic) anhydride solubilized in a polar organic 
solvent such as chloroform. The emulsion is pumped into the flowline and the 
acid generated in situ. The heat generated from the SGN reaction is sufficient to 
melt the wax. The wax dissolves in the organic solvent part of the emulsion. The 
release of nitrogen gas provides agitation to the liquid system speeding up the 
dissolution process. A research project has been carried out using coated capsules 
of acid catalyst (such as citric acid), which has a delayed release of acid.49 For 
downhole applications, an emulsion is injected down the annulus containing the 

(NH4NO2)

NH4X + NaNO2
Acid N2 + H2O + NaX + heat

Figure 10.2 Decomposition of a thermochemical wax removal treatment. X = Cl or NO3.
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nitrogen-based SGN redox system, an organic nonpolar solvent, an emulsion acti-
vator (sodium persulfate), and a viscoelastic polymer.50 As the temperature of the 
emulsion rises, the activator decomposes, the pH drops to ~4, and a redox reac-
tion takes place generating heat and a high-quality stable foam. The penetration 
of the foam into the porous media is enough to ensure sufficient wax removal and 
production enhancement.

A solid material controlled-release thermochemical system uses a polymeric 
material capable of being hydrated mixed with a catalyst.51 On rehydration, the cata-
lyst is released, which generates H+ ions in solution, which catalyze the decomposi-
tion of the ammonium nitrite–generating chemicals. Considerable heat can also be 
generated by the decomposition of hydrogen peroxide by transition metal ions such 
as iron(III) ions (Fenton’s reaction). The peroxide is broken down into a hydroxide 
ion and a hydroxyl free radical. The hydroxyl free radical is the primary oxidiz-
ing species and can be used to oxidize and break apart organic molecules. No field 
applications have been reported. Another thermochemical wax removal method, for 
which there are no field reports, is to generate heat to melt wax from sudden exother-
mic crystallization of supersaturated solutions, such as sodium acetate.52 Yet another 
method to generate heat downhole is to react in situ an imidazolidone derivative, 
such as 2-imidazolidone, with an acid such as sulfuric acid. The reaction generates 
heat, shock, and CO2.53 This system has been claimed mainly as a gentle, fracturing 
stimulation technique.

10.4  chemical wax Prevention

10.4.1  tESt mEthOdS

This section discusses the laboratory methods for determining the need for and the 
performance of wax inhibitors and PPDs.

To determine the potential for wax deposition of a crude or condensate, the WAT 
or cloud point is first measured. There are a variety of ways to do this, which have 
been reviewed.54–55 Techniques such as viscosity measurement and filter plugging 
can only be used under very favorable circumstances.56 The same is true of differ-
ential scanning calorimetry (DSC).57 Further, conventional American Society for 
Testing and Materials (ASTM) procedures for cloud point determination are not 
applicable to dark crude oils and also do not account for potential subcooling of the 
wax. In one study, these methods failed to identify the potential for paraffin deposi-
tion in a Gulf of Mexico pipeline.58

A reliable method to determine the WAT consists of determining the temperature 
at which wax deposits begin to form on a cooled surface exposed to warm, flowing 
oil.59–61 Other good techniques include:

cross-polarization microscopy •	 62–64

laser and collimator solids detection system •	 65–66

Fourier transform infrared spectroscopy•	 67

high-pressure, cold-stage microscope technique•	 68

sonic testing device•	 69
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A flow cell with videomicroscope observations regarding agglomeration and deposi-
tion has also been constructed. Strong wax aggregates could be observed in uninhibited 
crude, while weakly bonded clusters were observed in inhibited crude. Notably, lower 
cloud points were observed using this technique than more traditional methods.70

The rate of deposition of wax is usually determined using the cold-finger tech-
nique,71 the Chilton-Colburn analogy, and a single-model tuning parameter.69,72–74 A 
multi–cold-finger apparatus has been described.75 Alternatively, a coaxial shearing 
cell wax deposition apparatus can be used.76 A more elaborate apparatus for measur-
ing wax deposition rates is a flow loop or tube-blocking rig. Capillary tube-blocking 
rigs measure the change in pressure across a microbore capillary due to the buildup 
of wax on the internal walls of the capillary. The capillary or loop is either jacketed 
or placed in a cooling bath.77–82 Large-diameter pilot loops have also been used.83

The pour point of a waxy crude is traditionally carried out using the simple 
ASTM D-97 (or IP 15) Pour Point Test, although one should also measure viscos-
ity. The repeatability of the test can be poor but allows a ranking of PPD efficiency. 
The dosage of PPD needed in a laboratory test will not be representative and will 
almost always be higher than that necessary for field use. ASTM pour-point mea-
surements involve periodically tilting a tube containing a thermometer and treated or 
untreated oil samples over a progressively declining temperature range and observ-
ing for movement. The shear imparted by this technique is extremely low and can 
represent very small changes in viscosity. Therefore, viscosity measurements avoid 
the ambiguity introduced by this method.69 The pour point is claimed to be best mea-
sured with a rheological mechanical spectrometer.65 The strength of waxy gel can be 
determined through yield stress tests using viscometry.84

The viscosity of the wax inhibitor or PPD formulated in a solvent also needs 
investigation especially for cold and/or deepwater subsea injection through umbili-
cals and capillaries. High-pressure viscometry has been found to be beneficial for 
product qualification.85 Instability in the polymer solution phase behavior of paraf-
fin inhibitor formulations at high pressures at cold temperatures may be the reason 
behind some industry umbilical line failures. The instability is dependent on the 
inhibitor chemistry and its concentration. Most wax inhibitors are not inherently 
highly soluble at cold temperatures even in good solvents. However, better inhibitor 
solubility, even at reduced temperatures, can be achieved using a combination of a 
weak to moderate wax solvent and a second strong wax solvent.86 Exemplary weak 
to moderate wax solvents include benzene, toluene, xylene, ethyl benzene, propyl 
benzene, trimethyl benzene, and mixtures thereof. Exemplary strong wax solvents 
include cyclopentane, cyclohexane, carbon disulfide, decalin, and mixtures thereof.

10.4.2  wAx inhiBitORS And POuR-POint dEPRESSAntS

Chemicals are needed to prevent both wax deposition and wax gelling. Therefore, 
the chemicals must affect the WAT and the wax pour point, respectively. Chemicals 
can also modify wax crystals so they do not agglomerate and deposit. Chemi cals that 
affect the WAT are usually referred to as wax inhibitors or wax crystal modifiers. 
Chemicals that affect the pour point are referred to as PPDs or flow improvers. Since 
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both classes of chemicals must somehow interact with the wax crystallization pro-
cess, there is a good deal of overlap in the chemistry and mechanisms of the two 
classes. Thus, most wax inhibitors also function as PPDs. Wax dispersants act in a 
different manner. Wax inhibitors and PPDs must be deployed to pipelines before the 
bulk temperature drops below the WAT.

The concentration of wax inhibitor or PPD needed depends on the severity of 
the wax problem, but 100–2,000 ppm covers most application needs. Many applica-
tions with wax inhibitors do not totally prevent wax deposition in the whole flowline 
but can reduce the frequency for wax-removal treatments such as pigging or hot 
oiling. PPDs are often used to keep the wax from gelling during shut-in when the 
fluids might cool below the pour point. One Asian pipeline used PPD to the cost of 
U.S.$12 million per annum, until further investigation revealed that the cooling 
of the crude oil was found to be less pronounced than estimated earlier and could be 
transported safely without the use of PPD.87

There are various ways of designing a chemical that will interfere with the wax 
nucleation and crystallization process. In short, part of the molecule must interact or 
co-crystallize with the wax to modify or interfere with its crystallization. Another 
part of the molecule can prevent further wax growth by covering sites where new 
wax molecules would attach. This prevents the formation of structured wax lattices 
at the pipe wall. Clearly, there are at least two mechanisms as one study with cold-
finger deposition showed.88 One class of chemical greatly reduced wax deposition on 
a cold finger, leaving a transparent solution. The second class of chemical gave an 
opaque solution and was obviously acting on the wax in the bulk solution. Several 
studies suggest that effective wax inhibitors create weaker deposits, which are more 
susceptible to removal by shear forces in the flow field.73 At the microscopic scale, 
wax inhibitors have been shown to have a dramatic effect on wax crystal morphol-
ogy: rather than the usual platelike growth exhibited by pure wax, highly branched 
microcrystalline meshes are observed.89

The main classes of wax inhibitors and PPDs can be summarized as follows:

ethylene polymers and copolymers•	
comb polymers•	
miscellaneous branched polymers with long alkyl groups•	

As we shall see, formulating these products in aromatic solvents can increase their 
performance. High concentrations of PPDs or wax inhibitor polymers can be difficult 
to handle in cold climates due to their high solidification temperature. Oil-in-water 
emulsification can be used to prevent them gelling or allow more than one produc-
tion chemical to be deployed in the same line.90–92 A mix of a weak to moderate wax 
solvent, such as toluene or xylene, and a strong wax solvent, such as cyclopentane or 
cyclohexane, can also avoid gelling of the wax inhibitor in cold climates.93

The comb polymers are most effective as wax inhibitors but can work synergisti-
cally with ethylene copolymers, such as ethylene/vinyl acetate (EVA) copolymer, and 
surfactants.94 As the name suggests, comb polymers resemble a comb in that they 
have a polyvinyl backbone with many long-chain side groups (Figure 10.3). Actually, 
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a better description is a “hair curler” because in an atactic polymer, the side chains 
point away from the backbone in many directions. As a general guideline, wax inhib-
itors or wax crystal modifiers can prevent wax deposition up to 10–15°C (18–27°F) 
below the WAT at typical doses of 50–200 ppm. Often, the pour-point depression is 
greater than the WAT depression, up to 30°C (54°F) has been observed given a very 
high PPD dose.95 Besides being able to co-crystallize with waxes through van der 
Waals interactions, comb polymers place a steric hindrance on the wax crystal that 
interferes with proper alignment of new incoming wax molecules and growth termi-
nates. This prevents the wax crystals from adhering together and sometimes prevents 
sticking to pipe walls. The pour point is also normally reduced. The growth inhibi-
tion by a comb polymer has been modeled using poly(octadecyl acrylate) on octaco-
sane.96 The model predicts that poly(octadecyl acrylate) will prevent wax growth at 
low supersaturations, where growth occurs largely at step defects, and slows growth 
at higher supersaturations, where island nucleation is important.97 The optimum 
length of the side chains in comb polymers depends on the length of alkanes in the 
waxes.98 Thus, in general, higher molecular weight waxes are best inhibited with 
long side chain comb polymers.99 In essence, a good match between the lengths of 
the wax alkanes and side chains is needed. However, for very long waxes (C30+) 
there is no cost-effective, synthetic way to introduce equally long alkyl chains into 
a comb polymer. Laboratory studies show that some of the best commercial comb 
polymers, and also EVAs, cannot cope with such long alkane waxes.100 The fre-
quency of the long side chains in comb polymers is also critical. One study showed 
that 60% C18 side chains in a polyacrylate ester gives optimum performance on one 
type of wax.101 The rest of the side chains were methyl groups since the C18 esters 
are made by base-catalyzed transesterification of polyacrylate methylester. A wax 
deposition study on various crude oils using wax characterization by NMR spectros-
copy demonstrated that the stickier waxes have branched carbon chains while the 
nonsticky waxes are mainly straight-chain paraffins.102 Thus, branching in the alkyl 
side chains of polymeric wax inhibitors may be beneficial.

X X X X X X X XX

Figure 10.3 Traditionally depicted structure of a comb polymer (left). X is a spacer group. 
The structure looking down the helical backbone (right).
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10.4.3  EthylEnE POlymERS And COPOlymERS

Amorphous high molecular weight polyethylene has been used as a wax crystal 
modifier or PPD in the past, although better PPDs are made by copolymerizing eth-
ylene with larger monomers.103 The larger monomers act as branches disrupting the 
normal alkanes for crystallizing as wax. Examples are:

ethylene/small alkene copolymers•	
ethylene/vinyl acetate (EVA) copolymers•	
ethylene/acrylontrile copolymers•	

Poly(ethylene butene) and poly(ethylene-b-propylene) have been investigated as wax-
deposition inhibitors.104 The use of 1,000 ppm of poly(ethylene butene), which was 
shown to reduce the yield stress of a gelled crude tenfold, actually increased the 
initial deposition rate.105

By far, the most common and well known of the ethylene copolymers is EVA. 
EVA copolymers are preferably random copolymers (Figure 10.4) and of low 
molecular weight.106 The key parameter that determines the effectiveness of EVA 
copolymer is the percentage of vinyl acetate in the copolymer. Pure polyethylene 
would be expected to co-crystallize with structurally similar wax and have little 
impact on the crystallization process. Increasing vinyl acetate content lowers the 
crystallinity and aids solubility due to higher polarity. Some vinyl acetate can even 
be partially hydrolyzed.107 The side chains in the vinyl acetate groups disrupt the 
wax crystallization process lowering the WAT or pour point. However, a high level 
of vinyl acetate decreases co- crystallization with waxes and has a negative impact 
on the performance. Generally about 25–30% vinyl acetate content gives optimum 
performance for EVA copolymers.108 Interestingly, EVA has been shown to be a 
wax-nucleating agent as well as a growth inhibitor. These two mechanisms were 
identified from the analysis of the cloud point, the chemical composition of the 
crystals, and the observations of the crystal habit.109 The presence of asphaltenes 
in the crude also affects the performance of EVA.110

EVA copolymers are not as effective PPDs as comb polymers. In one study, EVA 
copolymers dosed at 200 ppm gave a reduction in yield stress of three orders of mag-
nitude for the C36 wax, whereas the reduction is one order of magnitude for C32 and 
only threefold for the C28 wax. This decrease in efficiency with decreasing wax car-
bon number indicates that the EVA materials would not provide an adequate reduction 
in yield stress to ensure against gelation in pipeline transport.111 An experimental and 
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Figure 10.4 Ethylene/vinyl acetate (left) and ethylene/acrylonitrile copolymers (right).
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molecular simulation study indicated that side chains introduced by propylene were a 
benefit to the affinity between the EVA-type molecules and alkanes in the wax plane, 
comparing with those branches introduced by butylenes.112 Partially hydrolyzed EVA, 
containing hydroxyl groups, has been claimed as a superior wax inhibitor.113

Another cheap, polar monomer that can be copolymerized with ethylene to make 
wax inhibitors or PPDs is acrylonitrile (Figure 10.4). Ten percent to 20% acrylo-
nitrile is preferred.114

10.4.4  COmB POlymERS

Comb polymers are generally regarded as the most effective class of wax inhibitors. 
However, in severe wax cases with high WAT, even these inhibitors may not solve 
the deposition problem over extended time periods. This is because the bulk of the 
wax alkanes are considerably longer than the alkyl chains in the comb polymer.115 
Hence, periodic pigging or some other wax-removal technique may be needed.60 
Comb polymers are usually made from one of two classes of monomers, (meth)
acrylic acid, or maleic anhydride or both.

10.4.4.1  (meth)acrylate ester Polymers
There are many reports of the use of acrylate or methacrylate ester polymers as 
wax inhibitors or PPDs (Figure 10.5). The ester groups are made using long-chain 
alcohols and should be at least 16 carbons in length. The side chains are spaced dif-
ferently in methacrylate polymers compared with acrylate polymers, the former giv-
ing a better effect on pour point and deposition.107 Polymers with longer alkyl side 
chains than 18 carbons would perform best as wax inhibitors in most cases, as the 
alkanes in most waxes are considerably longer. However, the cost of alcohols longer 
than 18 carbons (stearyl alcohol) is high and thus the wax inhibitor becomes more 
expensive. In one laboratory study, the optimum chain length of the alkyl ester chain 
was 20–24 carbon atoms and the optimum molecular weight was 30–40,000 Da for 
waxes with predominantly 20–29 carbon atoms.116 Further, it was suggested that the 
melting point of the PPD should match the melting point of the waxes for limiting the 
growth of the crystals. Another study showed that polymethacrylate wax inhibitors 
(with alkyl side chains with a maximum of 18 carbon atoms) tested at a dosage of 
100 ppm suppressed the WAT of lower molecular weight paraffin (C–24) solutions, 

OO

R

n

R´

Figure 10.5 Acrylate ester (R′ = H) and methacrylate ester (R′ = CH3) polymers as wax 
inhibitors or PPDs. R is preferably a long linear alkyl chain.
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but had little or no effect for higher molecular weight paraffin (C–36) solutions.66 As 
mentioned earlier, not all the (meth)acrylate groups need to be long chains for opti-
mum performance. About 60% C18 side chains gave maximum WAT depression in 
a polyacrylate ester, the remaining side groups being methyl esters.101

It is important for the service company to have a range of comb polymers avail-
able for wax treatment because the length and proportions of the wax alkane chains 
varies from crude to crude and this will affect their performance. Comb polymers 
with a specific “U” distribution of alkyl chain lengths have been proposed to give a 
more universal performance.117

An improved class of flow improver is stearyl acrylate copolymerized with a 
small percentage of hydroxyethyl acrylate and subsequently esterifying the hydroxyl 
groups with stearic acid chloride. In this way, a longer side chain can be introduced 
into the molecule, avoiding the use of costly C20+ alcohols such as behenyl alco-
hol.118 Grafting alkyl (meth)acrylate chains onto polyvinyl backbones, such as that of 
EVA, can also be used.119

There have been claims for a number of improvements on the basic polyalkyl-
methacrylate esters by using copolymers. For example, copolymers of (meth)acrylic 
acid ester of C16+ alcohols with a small percentage of hydrophilic (meth)acrylic acid, 
vinyl pyridine, or N-vinyl pyrrolidone have been claimed as improved PPDs and 
flow improvers.117,120–121 Stearyl acrylate/allyl polyglycol copolymers can be used as 
flow improvers, preferably blended with synergists such as polyisobutylene and 
alkylphenol formaldehyde resins.122 The presence of polar units confers a dispers-
ing character to the polymer, which permits avoidance of deposition of wax on the 
pipe walls. Terpolymers containing (meth)acrylate esters with a specific mix of alkyl 
chain lengths and a third vinyl comonomer such as 2- or 4-vinyl pyridine, styrene, 
vinyl acetate, or vinyl benzoate have also been claimed as wax inhibitors.123

A synergistic blend of two polyalkyl(meth)acrylate has been claimed as a PPD.124 
The two polymers are a polyalkyl(meth)acrylate having on onset of crystallization 
at temperatures above 15°C (59°F) and a polyalkyl(meth)acrylate having an onset of 
crystallization or segregation at temperatures of 15°C (27°F) or lower, with the proviso 
that there is a temperature difference of at least 5–10°C (9–18°F) between the onset 
of crystallizations of the two polymers. A later study of polyalkyl(meth)acrylates led 
to a new invention whereby two such polymers with different long chain lengths was 
shown to perform better than polymers of just one chain length.76 The polyesters are 
preferably made by base-catalyzed transesterification of polymethyl(meth)acrylate 
with alkanols and the preferred molecular weight is 20,000–30,000 Da. A mix of 
7% C18, 58% C20, 30% C22, and 6% C24 alkanols is commercially available. The 
use of varying carbon chain lengths in the side chains is probably related to the 
varying length of alkanes in wax crystals. These polymers can also be used in syn-
ergistic combinations with long chain polyethyleneimine derivatives and oil-soluble 
film-forming surfactants. Branching in polyalkyl(meth)acrylates containing nitrogen 
functional groups is claimed to result in improved performance as a PPD.125 The 
branching is supplied by adding a very minor amount of a divinyl monomer such as 
divinylbenzene or butylene-1,4-diacrylate such that cross-linking is minimized.

Addition of xylene has been shown to improve the performance of commercial 
polymeric wax inhibitors.60 For example, poly(behenylacrylate) gave a lower pour 

© 2009 by Taylor and Francis Group, LLC

  



276 Production Chemicals for the Oil and Gas Industry

point when mixed with xylene or other aromatic solvents used to remove asphal-
tenes.126 A trichloroethylene-xylene (TEX) binary system, without any polymeric 
wax inhibitor, showed a unique ability to effect substantial pour-point depression and 
improve transport properties for a wide range of waxy crudes in cold spot tests.127 
This led to improved inhibition of paraffin deposition by the TEX additive in com-
parison with the performance of some tested, commercial antiparaffin chemical 
products.

10.4.4.2  maleic copolymers
Next to using (meth)acrylic acid monomers to make comb polymers, the other most 
important and equally as cheap monomer is maleic anhydride. Maleic anhydride 
does not easily polymerize by itself but does so readily in the presence of other vinyl 
comonomers. To contain long alkyl side chains, the anhydride can be derivatized to 
monoester, diester, thioester, or imide groups using long-chain alcohols, alkyl mer-
captans, and alkylamines. In many polymers of this class, one begins with copoly-
mers of maleic anhydride and long-chain α-olefins such as 1-octadecene. This places 
a long chain on every fourth carbon atom in the backbone. The anhydride groups can 
then be derivatized to increase the density of long side chains. Copolymers of maleic 
anhydride have a regular alternating monomer structure, ABABAB, and so forth. 
This can give these copolymers better properties as wax inhibitors over random 
copol ymers. Thus, copolymers of (meth)acrylic acid esters with C16+ alcohols and 
maleic anhydride have been claimed as improved wax inhibitors over polyalkyl(meth)
acrylates (Figure 10.6).128–129 The performance can be further improved by adding 
EVA copolymer as synergist and surfactant-based wax-settling additives.130

A study on a maleic anhydride copolymer, probably with side chains of up to 
18 carbons atoms, gave poor performance when the wax was made up of C24+ 
alkanes.115 Thus, the wax inhibitor cannot cope with very long-chain alkanes unless 
it has chains of similar length. A very revealing study on mostly derivatives of 
α-olefin/maleic anhydride polymers has been reported.131 Using branched alcohols 
to make maleic esters gave worse results than using normal alcohols. Monoesters 
of maleic polymers clearly performed better than diesters in lowering the cloud 
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Figure 10.6 Monoester of maleic anhydride/(meth)acrylate ester copolymers. R = long 
alkyl chain, R′ = H or CH3.
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point, whereas the two classes of esters gave similar pour-point depressions. Further, 
monoesters with side chains of 20 or fewer carbon atoms were better PPDs than 
esters with longer side chains. This was deduced assuming the esters form a barrier 
to promote growth of wax crystals and therefore do not need to be so bulky, as they 
do not need deep penetration into the wax crystals. High molecular weight polymers 
performed best as PPDs. Thus, a high molecular weight octadecene/maleic anhy-
dride copolymer derivatized into a monoester with short-length alcohols would be 
an optimum wax inhibitor and PPD.

Maleic anhydride/α-olefin copolymers can be derivatized with long alkylamines 
to increase the frequency of long side chains. For example, maleic anhydride/α-olefin 
copolymers subsequently reacted with C18 alkylamines to make a maleimide have 
been claimed as PPDs (Figure 10.7).132 Poly(maleic anhydride octadecene) modified 
with octadecyl amine was shown to be a good wax deposition inhibitor.105,133 Another 
claimed class of PPDs is copolymers of meth(acrylic) acid esters with C16+ alcohols 
and nitrogen-containing alkenes including alkyl maleimides.134

Another way to introduce long alkyl chains into maleic copolymer is to use alkyl 
vinyl ethers. Thus, octadecylvinyl ether/maleic anhydride copolymer and derivatives 
have been claimed as PPDs.132 Aliphatic glycol ether solvents are claimed as syner-
gists for these types of comb polymers as well as vinyl pyrrolidone/eicosene copoly-
mers.135 Poly(maleic anhydride/ethyl vinyl ether) modified with docosanyl amine is 
also reported to give good wax inhibition.105

Polyolefin polymers can be grafted with unsaturated monomers such as maleic 
anhydride. This is another way of introducing long alkyl groups into the side 
chains if the maleic anhydride is derivatized, for example, maleimides can be used 
(Figure 10.8). Maleic derivatives can also be grafted onto EVA copolymer.136

Other unsaturated carboxylic acids monomers besides maleic acid can be used to 
make wax inhibitors. For example, long-chain alkyl fumarate/vinyl acetate copoly-
mer were shown to be good as flow improver for high waxy Indian crude oils. 
Fumaric acid is the trans form of maleic acid.137 Novel carbon monoxide/dialkyl 
fumarate copolymers have been claimed as wax crystal modifiers and flow improv-
ers.138 Alkyl fumarate copolymers are claimed to work synergistically with the reac-
tion product of an alkanolamine, such as triethanolamine with a long-chain acylating 
agent such as a C8–20 alkyl succinic anhydride.139

NO O
R

n

R´

Figure 10.7 Alkyl maleimide/α-olefin copolymers. R and R′ are preferably long alkyl 
chains.
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10.4.5  miSCEllAnEOuS POlymERS

Alkyl phenol-formaldehyde resins have been claimed as PPDs and flow improvers 
(Figure 10.9). By themselves, they are not as effective as comb polymers described 
earlier but they make useful synergists.140 To make the resins, phenol is first reacted 
with a long chain α-olefin and then condensed with aldehyde. This class with shorter 
alkyl groups is also useful as asphaltene dispersants and as demulsifiers when 
polyalkoxylated.

The reaction of long-chain phosphoric ester surfactants with sodium aluminate 
is reported to give a high molecular weight material that lowers the WAT of waxy 
crude oils. A mixture of esters was used with maximum alkyl chain lengths of only 
12 carbons atoms. Esters with longer alkyl chains were not reported but might have 
given even better results.141

R

OH

CH2

n

Figure 10.9 Alkyl phenol-formaldehyde resins.
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Figure 10.8 Grafted polyisobutylene-alkyl maleimide polymers. R is preferably > C12.
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Branched polymers can also be used as wax inhibitors. For example, the reac-
tion of branched polyethyleneimine (PEI) with 1,2-epoxyoctadecane gives a polymer 
with many pendant C18 groups, which performs well as a wax deposition inhibi-
tor (Figure 10.10). The molecular weight of the PEI was 1,800 Da.142 Dendrimeric 
hyperbranched polyesteramides, preferably with long pendant alkyl chains, have also 
been claimed as wax inhibitors.143 One of many examples is a condensation product 
of succinic acid and diisopropanolamine in which the hydroxyl end groups were 
nearly all esterified with a fatty acid such as stearic or behenic acid. The molecular 
weight (Mw) was 3–4,000 Da. Nonvinyl, branched backbones can also be found in 
polyalkanolamines. Thus, hexatriethanolamine oleate esters have been shown to be 
good PPDs.144

10.4.6  wAx diSPERSAntS

Wax dispersants are surfactants that adsorb onto pipe surfaces reducing the adhe-
sion of waxes to the surface. This could be by changing the wettability of the sur-
face to water-wet or by creating a weak layer on which wax crystals grow and are 
later sheared off by turbulent fluid flow. Some wax dispersants probably function by 
adsorbing and water-wetting the surface of the pipe. Wax dispersants also will adsorb 
to growing wax crystals thereby reducing the tendency for them to stick together. A 
good dispersant formulation will also function to penetrate accumulated deposits 
of wax, adsorbing on individual particles and enabling them to move freely into the 
surrounding oil. The overall effect is less accumulation on the pipe wall. Typical 
dosages are 50–300 ppm. Wax dispersants may be dosed continuously for inhibitory 
effect or by higher dosage batch treatment to achieve remedial benefits. Dispersants 
are frequently blended with polymeric wax inhibitors to enhance their performance. 
Used on their own, wax dispersants have had limited success in the field. However, 
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Figure 10.10 An example of a derivatized polyethyleneimine wax inhibitor, R = 
R′CH(OH)CH2 where R′ is an alkyl group containing 10–22 carbon atoms. The ratio of 
tertiary/secondary/primary amines is approximately 1:2:1.
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the successful evaluation and field trial of wax dispersants in a New Mexico field, 
where EVA and other wax crystal modifiers had failed, has been reported.145 The 
dispersants used were water- and oil-soluble surfactants. Typical low-cost surfac-
tants used as wax dispersants are alkyl sulfonates, alkyl aryl sulfonates, fatty amine 
ethoxylates, and other alkoxylated products.

There are a few other reports on the sole use of surfactant dispersants to prevent 
wax deposition or gelling. One paper showed that some surfactants were able to lower 
the pour point of crude oils by breaking up the three-dimensional network of wax 
crystals.146 Another paper describes the use of a synergistic blend of film-forming 
ionic surfactants as wax dispersants and wax antisticking agents.147 The surfactants 
have an ability to absorb onto bare surfaces of tubings and equipment, making them 
oleophobic. Details of the structures of the surfactants were not reported. However, 
good film-forming surfactants are also good corrosion inhibitors, such as imida-
zolines. Surfactants are not only useful as antisticking agents. Long-chain imidazo-
lines, including their dimeric and trimeric forms, have been claimed to reduce pour 
points as much as 30°C (54°F; Figure 10.11).148 The use of surfactants such as imi-
dazolines rather than polymers overcomes the problem of gelling of the PPD in cold 
climates.

Polyethyleneimine-based wax inhibitors mentioned in the previous section 
are claimed to work synergistically in combination with polyalkyl(meth)acry-
late polymers and optionally an oil-soluble, film-forming surfactant or corrosion 
inhibitor.76 Examples given of oil-soluble film-forming surfactants are N-tallyl-
1,3-propylene diamine or oil-soluble ethoxylated versions thereof, imidazolines 
such as N-2-aminoethyl-2-oleyl-imidazoline and phosphate esters. This has been 
borne out in a study where an oleic imidazoline corrosion inhibitor improved 
the performance of two wax inhibitors tested.71 A molecular modeling project 
has shown that the presence of a protective corrosion inhibitor film, such as that 
formed from oleic imidazoline, does generate an ordered layer of long-chain 
alkane molecules with a structure akin to that found in the bulk alkane wax 
crystals. While such an alkane layer will increase the efficiency of corrosion 
inhibition, it is suggested that the layer may act as a nucleation site for wax depo-
sition.149 If wax does nucleate on the surfactant layer, the wax is not sticking 
directly to the surface. Over time, the surfactant and wax nuclei may be sheared 
off the surface together as the bonding between the surfactant and the surface is 
weak, thus, keeping the surface free from wax. It has also been reported that the 
high molecular weight fractions from crudes adsorb onto metal surfaces prevent-
ing wax deposition.150–151

N

NR NH2

Figure 10.11 2-Aminoethyl-2-alkyl-imidazoline surfactants.
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It has been reported that adding surfactants to promote emulsification can reduce 
the tendency for wax deposition, obviously, when water is present.152 It is proper-
ties that induce tighter emulsions, such as lower interfacial tension and greater shear 
rate, that lead to this effect. Furthermore, the wax that did deposit from an emulsion 
was softer (lower average molecular weight) than wax that deposits in the absence of 
any chemical. Another observation was that the wax that deposited in the presence of 
some commercial polymer-based wax inhibitors could be even harder (higher average 
molecular weight) than the deposit formed in the absence of any chemical additive.

10.4.7  POlAR CRudE fRACtiOnS AS flOw imPROvERS

An interesting and potentially low-cost method of obtaining a flow improver is 
to take out polar extracts from crude and distillate oils using a supercritical gas. 
The best examples of such a gas are carbon dioxide, ethylene, propylene, or C1–3-
fluoroalkanes.153 The extracts contain asphaltenes, resins, and aromatics. These 
natural flow improvers can be combined with EVA copolymer or comb polymers 
for synergistic effect. Besides these more polar extracts, it has been shown that 
high concentrations of cyclo/branched alkanes (> 50 wt.%) in a crude enhanced 
the activity of a wax crystal modifier. This result may be due to a structural 
effect, that is, loose packing of crystals from the steric effect of naphthenic and 
branched structures.154

It has been discovered that heavy fractions of paraffinic lubes produced over 
dewax ing catalysts are effective as wax crystal modifiers. The heavy fraction of a 
paraffinic lube suitable for use as a wax crystal modifier is derived from a Fischer-
Tropsch product that has been catalytically dewaxed.155 Olefin waxes that have 
been selectively and partially oxidized can advantageously lower the pour point of 
a hydrocarbon composition and/or decrease the average wax particle size of waxy 
precipitates in a hydrocarbon composition.156

10.4.8  dEPlOymEnt tEChniquES fOR wAx inhiBitORS And PPdS

By far, the most common deployment method for wax inhibitors and PPDs is injec-
tion at the wellhead. However, if wax is a problem downhole and a capillary string 
is available, these chemicals can also be injected downhole. A technique used in 
China is to add cylindrical solid wax inhibitor placed in a tubular vessel or attached 
to the bottom of an oil pump into the well.159 The inhibitor gradually dissolves over 
time as a slow-release system. Theoretically, squeeze applications do not appear to 
be economic since wax inhibitors are, of necessity, very similar in polarity to natu-
rally occurring crudes. Thus, they have little affinity to adsorb to the reservoir rock 
and therefore tend to return rapidly. This creates a short effective treatment life. 
However, there has been a report of successful squeeze treatments, some lasting in 
excess of 6 months.69,157 Details of the chemistry and retention mechanism are not 
given. Two important aspects to control are wettability and design for a minimum 
inhibitor concentration in the produced fluids.
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Due to the polymeric nature of most wax inhibitors and PPDs, solutions of these 
chemicals can be very viscous, making them difficult to handle. Therefore, deployed 
compositions are often low-concentration mixtures or solutions of the active ingre-
dient in a solvent, often an aromatic hydrocarbon. One way to improve the concen-
tration of the active ingredients and keep the viscosity low is to use an emulsion. 
One method describes the use of an aqueous external dispersion comprising a wax 
dispersant and an organic crystal modifier composition dispersed through a con-
tinuous water phase.158 The dispersant comprises a nonionic surfactant, such as an 
ethoxylated aliphatic alcohol, and is present in the dispersion in an amount sufficient 
to impart at least meta-stability to the dispersion.
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11 Demulsifiers

11.1  introduction

Emulsions are colloidal dispersions, droplets of one phase dispersed in a second 
phase.1–3 Crude oil is almost always produced as a water-in-oil emulsion, that is, 
water droplets stabilized in a continuous crude oil phase (Figure 11.1). Free-
produced water may also be present depending on the water cut. The water and 
dissolved salts in the emulsion must be separated out before the oil is acceptable for 
further transportation or treatment at a refinery. This process is called “demulsifica-
tion” or “dehydration.” In refineries, the process of removing salty washwater from 
crude is called desalting. The sales specification for crude oil gives a maximum value 
for both water and solids in the form of a bottom solids and water value. Typically, 
the desired maximum water content will be in the range of 0.2–0.5%, and the accept-
able maximum salt content will be 10–25 lb/1,000 bbl, although the refinery may set 
tighter specifications for water and salt than this.

The water separated from a water-in-oil emulsion usually contains dispersed 
oil as an oil-in-water emulsion (Figure 11.1). This also needs treatment (deoiling), 
usually with flocculants, to get the residual oil below a regulated level (often about 
10–30 ppm depending on the region) before the water can be approved for discharge 
(see also Chapter 13).

Emulsions are formed due to turbulence in the production tubing and pipeline 
and especially when passing through chokes such as at the wellhead. The water-
in-oil emulsions are stabilized by solid particles, resins (natural surfactants) and/or 
asphaltene molecules present in the crude oil.4–7 The resin fractions of crude oil are 
a large family of polar molecules containing S, O, or N atoms. Soaps, formed by 
the interaction of oil- soluble carboxylic acids or naphthenic acids with cations in 
the water phase also precipitate and stabilize emulsions.8 One study showed that 
contrary to well-established beliefs, compounds constituting the majority of polar 
components of the material collected from water-in-crude oil emulsion droplets 
are not asphaltenes but rather smaller, polar molecules some of which do not have 
an aromatic ring.7 However, the aqueous sampling technique may have excluded 
asphaltenes. Film-forming corrosion inhibitors are surfactants and they also stabi-
lize emulsions.9 Particularly difficult emulsions can be formed as a result of acid 
stimulation and the back-produced aqueous fluids will thus require treatment with 
demulsifiers and flocculants.10

Solids are very instrumental in stabilizing emulsions, also by forming Pickering 
emulsions.11–13 These includes fines, colloidal scale particles, corrosion products, and 
even precipitated wax. One study showed that solid content, not asphaltene content 
or any other crude oil parameter investigated, is by far the best single predictor for 
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gauging emulsion stability.14 Heating the emulsion at the process facilities solubilizes 
any wax solids and destabilizes the emulsion to some extent.15 Heating is usually 
good for demulsification, but if carboxylate- or naphthenate-stabilized emulsions are 
present, then heating can make the emulsion worse. This is because heating causes 
the pH to rise (less CO2 in the water phase) making the surfactants more polar. 
Besides heating the emulsion to destabilize it, the most important method of resolv-
ing the emulsion is to add a demulsifier. The concentration of the added demulsifier 
is usually in the range of 5–500 ppm based on the water phase. Sufficient mixing/
dispersing is required to get the demulsifier to the oil-water interface, and time must 
be allowed for the coalesced droplets to phase separate. Any emulsion that is not bro-
ken is referred to as “slop” or “rag.” The application of electric current (electrostatic 
coalescence) is often the final stage of emulsion treatment. It should be noted that 
overtreatment of many demulsifiers can restabilize an emulsion. Simple sulfonated 
surfactants, such as α-olefin sulfonates, are an exception. Therefore, there is an opti-
mum dosage for a demulsifier.

A prerequisite for good demulsification is that the oil-water emulsion should be 
as free of gas as possible. If the crude contains significant gas, then the formation of 
gas bubbles will cause unnecessary agitation restricting the ability of the chemical 
demulsifier to produce a clean interface. Gas may be beneficially removed upstream 
in a dedicated gas separator.

Once the emulsion is broken and the bulk of the water has been separated out, 
the oil is ready for further transportation to the refinery. There is still a little water 
remaining in the oil. The oil should be as free from water as possible, usually less 
than 1%. The salt content in the residual water in the oil is also critical, as this can 
upset catalytic refining processes and cause corrosion and heat exchanger fouling. 
Therefore, fresh water is usually added to the oil to dilute the salt concentration in 
the residual water and the salty water separated out by the use of demulsifiers (desalt-
ers) and gravity separation. In this way, most of the salt is removed and the oil is then 
ready for refining. This process is known as “desalting.”

Oil Water

Figure 11.1 Oil-in-water (i.e., water continuous) (left) and water-in-oil emulsions (right). 
The droplets sizes are not to scale.
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The water separated out at the processing facilities contains residual oil in the 
form of an oil-in-water emulsion or reverse emulsion and solids. The oil and solids 
can be separated out mechanically or using chemical flocculants, also known as 
water clarifiers, deoilers, or reverse emulsion breakers. This is the subject of the 
next chapter.

11.2  methods oF demulsiFication

Gravity separation of the aqueous phase, normally at elevated temperatures, in the 
presence of chemical demulsifiers is the most widely used technology for demulsi-
fication of water-in-crude oil emulsions.16–17 Other techniques such as electrostatic 
demulsification, hydrocyclones and centrifugation may also be deployed. Other meth-
ods such as thermal flash methods and demulsification by sonication have also been 
proposed.18–19 Thermal treatment of an emulsion can help break it in two ways. First, 
the oil becomes less viscous on heating such that it is easier for water droplets to sink 
through it. Second, emulsions are usually less stable at higher temperatures. If they 
reach the so-called phase-inversion temperature, they will go from being water-in-
oil emulsions to oil-in-water emulsions.

A microwave technology has been claimed for treatment of hard-to-treat emul-
sions, especially the rag layer.20 During the separation of water and solids from crude 
oil or bitumen, a rag layer (or slop oil) containing a substantial amount of organic 
material is often formed between the water-in-oil emulsion layer and the bulk water 
layer. The presence of natural and added surfactants strongly influences the forma-
tion of this layer, which is difficult to treat.

11.3  water-in-oil demulsiFiers

11.3.1  thEORy And PRACtiCE

In offshore production, demulsifiers, particularly, are usually injected at the pro-
cessing facilities before the separator. However, there may be additional benefits in 
injecting a demulsifier further upstream at the wellhead, or even downhole if a capil-
lary string is available. Emulsions that are only slowly resolved will need adequate 
time to separate. The fluids are also hotter further upstream, which is beneficial and 
will also result in faster emulsion resolution. In addition, the viscosity of the multi-
phase fluid will be reduced if the emulsion is resolved, leading to lower drag forces 
and higher transportation rates.21

The important interfacial properties governing water-in-oil emulsion stability 
are shear viscosity, dynamic tension, and dilational elasticity.22 Interfacial tension 
alone is not an emulsion-stabilizing factor. There have been many efforts to corre-
late demulsifier effectiveness with some of the physical properties governing emul-
sion stability.23–24 However, our understanding in this area is still limited. Therefore, 
choosing a demulsifier is still largely a “black art” in which often, a range of demul-
sifiers and blends is taken to the process facilities and tested by trial and error. It 
should be underlined that testing with live emulsion at the processing facilities must 
be carried out to optimize the final selection of demulsifier.
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There are various parameters that can be changed regarding the environment of 
an emulsion for it to be destabilized including viscosity, density, water-cut, emul-
sion age, and control of the emulsifying agents.25 Oils with a high viscosity hold up 
more and larger water droplets. Raising the temperature, adding a diluent, or certain 
chemicals can lower the viscosity of an emulsion. Lowering the viscosity increases 
both the rate at which droplets settle and the mobility of water droplets, the speed 
at which they coalesce and separate out. Besides lowering the viscosity, heating an 
emulsion decreases the density of the oil at a greater rate than that of the water and 
thus allows more rapid settling of the water. Highly saline produced waters with 
higher densities should exhibit faster water droplet settling. Heavy oils are less easy 
to dehydrate, as their density is closer to that of water. The stability of an emul-
sion varies with water cut. Generally, low water cuts are harder to resolve, as the 
water droplets are further apart. Older emulsions tend to be more stable. Breaking 
an emulsion as soon as possible after its formation will be beneficial. For example, 
injection of a demulsifier at the wellhead may give better or faster emulsion resolu-
tion than injection further away at the processing facilities. Emulsifying agents can 
be natural chemicals present in the hydrocarbon phase such as asphaltenes, resins, 
and naphthenic acids, or they can be production chemicals added to the well stream. 
Film-forming corrosion inhibitors are typically surfactants, which can often stabi-
lize emulsions. Hence, careful selection of the corrosion inhibitor may help reduce 
the use of demulsifiers further downstream.

The factors that control demulsification are interfacial rheology, rate of mass 
transfer or demulsifier molecules to the interface (to suppress interfacial tension gra-
dients), and steric effects associated with colloids or macromolecules adsorbed at 
the oil-water interface.26 A reduction in the characteristic relaxation time and the 
interfacial viscosity and elasticity have been directly correlated with the half-life 
of emulsion droplets and the effectiveness of a demulsifier. Thus, good demulsifiers 
exhibit short relaxation times and significantly lower the dilational viscoelasticity of 
the oil-water interfacial layers.27

There are three main processes by which demulsifiers “unlock” emulsions:28

 1. Flocculation: Water droplets are brought together like a cluster of fish eggs.
 2. Coalescence: the emulsifying film that once stabilized the water droplets 

in the emulsion is ruptured and the water droplets grow large enough to 
settle out as a separate phase. Larger droplets have less surface tension so 
anything that can be done to increase droplet size will help in the separation 
process.

 3. Solids wetting: Solids that stabilize the emulsion are dispersed in the hydro-
carbon phase or water-wetted and removed with the water.

A large range of combinations of flocculating demulsifiers, coalescing demulsifiers, 
and wetting agents together with a solvent are used in the industry. A synergistic 
blend of an asphaltene stabilizer (dispersant) and a primary demulsifier have been 
shown to perform well in breaking emulsions stabilized by asphaltenes.29
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11.3.2  tESt mEthOdS And PARAmEtERS fOR dEmulSifiER SElECtiOn

Bottle testing is the best way to evaluate demulsifier products but it demands a lot of 
time in laboratory tests and field trials, and it can sometimes give inaccurate results. 
There have been a number of ideas to create an easier, more accurate, and faster 
method to evaluate demulsifiers, providing the customer the correct products that 
meet their needs.

Many of the larger demulsifier suppliers present relative solubility number (RSN) 
values to the customer to establish a parameter for demulsifier performance selec-
tion. RSN numbers are most often used to categorize demulsifiers for second-stage 
desalting, for example, where you may need to know that the demulsifier is still 
present in the second stage and not all removed in the wash water at the primary 
stage separator. RSN analysis is associated with the hydrophilic and hydrophobic 
characteristics of a product. It is also known as water number. RSN was first estab-
lished some time ago,30 using a dioxane/benzene 96:4 blend, which was later adapted 
for a safer solvent system using toluene and ethylene glycol dimethyl ether (EGDE) 
2.6:97.4.31 RSN is to some extent related to hydrophilic-lipophilic balance (HLB), 
but the RSN determination method, interpretation, and use are somewhat different. 
RSN determination method is as follows: 1.0 g of the respective products (demulsi-
fiers formulated or not) is weighed directly into a beaker already containing 30 ml 
of the standard solution: 2.6 % toluene and 97.4 % EGDE previously prepared. The 
product is dissolved using a magnetic stirring bar. Water is added like a conventional 
titration and the end point is when the solution achieves a visually persistent cloudy 
aspect. The RSN result is the water volume (in milliliters) required to achieve the 
cloud point. Thus, as the hydrophilicity of a product increases, so does the RSN. 
Very hydrophilic demulsifier products are not usually recommended because they 
will migrate to the aqueous phase during separation, requiring additional water 
treatment.

It is very important to point out that just considering RSN is not appropriate, it is 
also important to consider the chemical architecture of the demulsifier molecule for 
an appropriate product selection. The RSN is useful for product selection within a 
demulsifier chemical family. Comparing RSN between different chemical families 
may not result in a good approach in most cases of performance evaluation. Another 
important chemical characteristic is the water/octanol partition coefficient that is 
more related to water quality and treatment. It is also related to RSN and HLB.

Nearly all demulsifier testing uses the simple bottle test, which is simply a visual 
assessment of water drop and interface quality but (in the hands of an experienced 
technician) is capable of providing product blends that will work in the process-
ing plant. Dose optimization will be finalized in the field. A range of demulsifiers 
from different structural classes is normally tested. The usual bottle test method is 
to add a dose of the demulsifier to the emulsion in bottles or measuring cylinders 
and observe the speed and amount of separation of oil and water. Many technicians 
now regularly use digital cameras to demonstrate effectiveness. In one study, 10 
bottle-test performance parameters (four describing water drop, three describing oil 
dryness, and three describing the oil-water interface) were analyzed using several 
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statistical methods: analysis of variance, multivariate correlations, cluster analysis, 
and principal component analysis.32 Good demulsifiers are able to drop water rap-
idly, provide relatively clean interfaces, and produce dry, saleable oil.

There are a number of more advanced analytical techniques that can be used 
to characterize an emulsion or the effect of a demulsifier. Interfacial tension mea-
surements showed that the kinetics of demulsifier adsorption at the water-crude oil 
interface (or, alternatively, the Gibbs elasticity modulus) is correlated to the phase 
separation rate: the higher the kinetics, the faster the separation rate.33 Another 
method is to measure the current flow between electrodes in the emulsion sample.34 
The demulsifier producing the most rapid rate of change of current flow is identified 
as the most effective demulsifier in breaking the water-in-oil emulsion. The use of the 
dielectric constant as a criterion for screening, ranking, and selection of demulsifiers 
for emulsion resolution has also been investigated and was shown to be effective in 
screening and ranking of demulsifiers.35 A critical electric field technique has been 
developed to determine demulsifier performance. It has also played a significant role 
in chemical demulsifier research.36–37 Other methods for improving the evaluating of 
demulsifier performance have been proposed.38

11.3.3  ClASSES Of wAtER-in-Oil dEmulSifiER

It is difficult to categorize classes of water-in-oil demulsifiers, as over the years, 
chemical suppliers have developed an ever-increasing range of products in attempts 
to destabilize emulsions. However, many water-in-oil demulsifiers are polymeric 
nonionic chemicals, many with complex comb or branched structures, with molecu-
lar weights of about 2,000–50,000. However, anionic and cationic polymers can be 
used depending on the emulsion-stabilizing chemicals in the feedstream or as wet-
ting agents. The most common classes of water-in-oil demulsifier can be summa-
rized in the following list:

polyalkoxylate block copolymers and ester derivatives•	
alkylphenol-aldehyde resin alkoxylates•	
polyalkoxylates of polyols or glycidyl ethers•	
polyamine polyalkoxylates and related cationic polymers (mainly for oil-•	
in-water resolution)
polyurethanes (carbamates) and polyalkoxylate derivatives•	
hyperbranched polymers•	
vinyl polymers•	
polysilicones (also as demulsifier boosters)•	

Examples from all these categories are discussed later. A number of potentially bio-
degradable demulsifiers, only some of which belong to the above categories, are also 
discussed below. Blends of a demulsifier and a polyalkylene glycol ether have been 
claimed to give better emulsion breaking.39 The latter chemical presumably acts a 
wetting agent on any solids present.

Most classes of water-in-oil demulsifiers are oil-soluble and are deployed as solu-
tions in hydrocarbon solvents. The solvent for the demulsifier can have a significant 
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impact on emulsion resolution, and therefore, the same demulsifier in more than one 
solvent should be tested for performance.15 Mixed aromatic/low-alcohol solvents are 
commonly used. Since oil-in-water emulsions are complex and often stabilized by 
more than one mechanism, many commercial demulsifiers are mixtures of two or 
more classes of chemical working in synergy. Oil-soluble demulsifiers can be dis-
persed in an aqueous solvent by adding a water-soluble surfactant. In this way, one 
can avoid the use of toxic and/or flammable/combustible organic solvents.40

Most of the listed demulsifiers above are neutral or slightly basic molecules. 
However, some emulsions are best treated with acidic demulsifiers usually made by 
derivatizing one of the above classes with a phosphorus oxide or oxyacid. Emulsions 
must not be overtreated with these demulsifiers since injection of an acidic chemical 
induces corrosion and the phosphoric acid portion of the demulsifier reacts with cal-
cium in the brine to form hydroxyapatite and other scale solids.41 Overtreatment can 
also restabilize an emulsion. As mentioned earlier, when mineral solids are present, 
heavy water-in-oil emulsions are difficult to treat. One study showed that adsorption 
of a demulsifier onto solids changes the wettability of the solids and promotes adhe-
sion of the oil droplets to the solids, thus reducing the effective density difference 
between the oil and the water and hindering oil-water separation.42

As can be seen from the above list of demulsifiers, many classes of demulsifier 
contain polyalkoxylate chains. Polyalkoxylates can be made by ring-opening eth-
ylene oxide (EO), propylene oxide (PO), butylene oxide (BO), or tetrahydrofuran 
(THF) using a base such as an amine or alcohol (Figure 11.2). The beauty of using 
this chemistry is that one can choose a wide variety of substrates with which to tether 
the polyalkoxylate chains, and one can easily vary the HLB of the molecule as well 
as the molecular weight.43 Polyoxyethylene chains are very hydrophilic, polypropyl-
ene oxide chains mildly hydrophobic, and polyoxybutylene chains very hydrophobic. 
Thus, one can make a range of products using the same alcohol or amine base with 
varying side chains of EO, PO, and BO molecules with varying partition coefficients 
and interfacial activity. EO and PO are by far the most common alkylene oxides 
used due to their lower cost. Two studies have shown that a partition coefficient of 
1.0 (equal partitioning between the oil and water phases) gave optimum demulsifier 
performance for a range of polyalkoxylate demulsifiers.44–45

Many of the polyalkoxylate classes of demulsifiers can be derivatized to pro-
duce molecules of higher molecular weight and varying HLB. For example, they 
can be cross-linked with multifunctional reagents such as diisocyanates, dicarbox-
ylic acids, bisglycidyl ethers, dimethylolphenol, and trimethylolphenol. Increasing 
the branching at constant molecular weight has been shown to improve the demul-
sifier performance.44

CH CH2

R

O

n

CH2 CH2 CH2 CH2 O
n

Figure 11.2 Structures of polyalkylene oxides (left) and polytetrahydrofuran (right). R = 
H (EO), R = Me (PO), R = Et (BO).
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The most important classes of demulsifiers are discussed in more detail below. At 
the end, a section is given on patents describing efforts to make more biodegradable 
demulsifiers, a demand that has arisen due to environmental policies in some areas 
such as the North Sea basin.

11.3.3.1  Polyalkoxylate Block copolymers and ester derivatives
PO can be base-catalyzed, ring-open polymerized to give polypropyleneglycols usu-
ally with a maximum molecular weight of about 4,000 Da. The hydroxyl groups 
on the ends of these polymers can be ethoxylated with EO to form EO/PO/EO 
block copolymers, which are linear demulsifiers. These copolymers are fairly poor 
demulsifiers by themselves.46 The more hydrophilic EO/PO/EO block copolymers 
have been shown to perform better than the more hydrophobic PO/EO/PO block 
copolymers.47 Higher molecular weight polypropylene glycol or polybutylene glycol 
(6,000 < Mw < 26,000 Da) formed by a special catalytic process can be ethoxylated 
to give demulsifiers with improved performance.48 THF can be ring-open polymer-
ized with alkylene oxides to give polyalkylene glycol block copolymers.49 All these 
block polymers can be reacted with dicarboxylic acids such as maleic acid, fumaric 
acid, adipic acid, and aminocarboxylic acids or pyromellitic dianhydride to produce 
polyalkoxylate esters with even higher molecular weights and often improved perfor-
mance.44,50 Polyalkoxylate esters of maleic anhydride–oleic acid adducts have also 
been shown to be good demulsifiers, in some tests, better than nonyl phenol formal-
dehyde resin alkoxylates.51–52

Esters of polyalkoxylate block copolymers can be made anionic or cationic. For 
example, polyalkylene glycols can also be transesterified with an anionic diacid 
monomer or diester such as dimethyl 5-sulfoisophthalate to give anionic functional-
ity.53 Polycondensation of an EO/PO block copolymer, an oxalkylated fatty amine, 
and a dicarboxylic acid also gives demulsifiers.54 A linear terpolymer structure 
results. The nitrogen atoms can be quaternized to give a cationic polymer. It is possi-
ble to create a highly branched polyesteramine by incorporation of a polyfunctional 
EO/PO polymer.

11.3.3.2  alkylphenol-aldehyde resin alkoxylates
Possibly the most common class of demulsifier is the alkylphenol-aldehyde resin alk-
oxylates (Figure 11.3). This class has been around for many decades because of their 
consistent high performance and ease of manufacture. Choosing different-length 
alkyl groups on the phenol ring can vary the hydrophobic tails. A selected alkylphe-
nol is condensed with an aldehyde, usually formaldehyde, to form a polymer resin, 
which is then alkoxylated with varying amounts of EO and PO. In this way, a range 
of resin alkoxylates can be made. The alkylphenols are mainly synthesized isoalkyl-
phenols substituted at the ortho and para positions, or the natural product cardanol 
can be used, which contains an unsaturated alkenyl group at the meta position.

Molecular weights for alkylphenol-aldehyde resin alkoxylates are preferably in the 
range of 5,000–50,000 Da. Below a molecular weight of 4,000 Da, the performance 
is poor.55 The resin alkoxylates have been claimed to need a polydispersity (Q = 
Mw/Mn) of at least 1.7, preferably 1.7–5.0, for optimum demulsifier performance.56 
Early resin products produced by direct condensation reaction resulted in a too high 
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molecular weight material due to undesirably high cross-linking in the product and 
did not give optimum demulsifier performance. A synthetic procedure to avoid this 
has been patented.57 Such alkylphenol-aldehyde resins are usually linear. However, 
cyclic tetramers can be formed in high yield by using an alkylphenol and paraform-
aldehyde (not formaldehyde) in a nonpolar solvent such as xylene. These can then be 
alkoxylated to give the final products.58

There has been considerable discussion as to the environmental impact of 
 alkylphenol-aldehyde resin alkoxylate demulsifiers. Alkylphenols such as nonyl-
phenol, which are also formed by degradation of ethoxylated alkylphenols, are 
known to be endocrine disrupters in marine species.59 These small molecules are 
believed to be present in trace quantities as unreacted monomers in the finished 
demulsifier or they may be formed as degradation products after discharge of the 
water. Alkylphenol-aldehyde resin alkoxylates are almost entirely oil-soluble and 
have low human toxicity. Recombinant yeast assay tests showed no link between the 
chemistry and potential endocrine disruption in the marine environment.60 However, 
biodegraded products were not tested.

Since about the mid-nineties, research has been conducted to try to find alter-
native demulsifiers to the alkylphenol-aldehyde resin alkoxylates, which are not 
made from alkylphenols and therefore have no estrogenic activity. For example, it 
has been found that certain alkylphenol-free aromatic aldehyde resins, which have a 
functional group capable of alkoxylation, but no alkyl radical on the aromatic ring, 
exhibit excellent action as oil-in-water emulsion breakers and are not suspected of 
having a hormonelike action, although no environmental data were presented.61–62 
Typical substituents on the aromatic ring precursor can be –NHR, –COOR, –OR, or 
–CONHR (R = H or alkyl). Specific examples are resorcinol, hydroquinone, ethyl 
salicylate, p-N,N-dibutylaminophenol, butyl p-hydroxybenzoate, resorcinol octade-
cyl ether, and p-methoxyphenol.

There are many variations of alkylphenol-aldehyde resin alkoxylates that have 
been patented. Instead of formaldehyde, glyoxylic acid (HOOCCHO) can be used 
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Figure 11.3 Alkylphenol-aldehyde resin alkoxylates.
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to give more hydrophilic alkylphenol aldehyde resin alkoxylates with carboxylic 
acid groups.63 In contrast, increased hydrophobicity can be achieved by using an 
aldehyde such as benzaldehyde.64 Dialdehydes such as glyoxal can be used to give 
more complex structures.65 In another example, the hydroxyl groups in the resin 
alkoxylates can be esterified with vinyl monomers, such as maleic anhydride or 
acrylic acid, and then polymerized to form more complex demulsifiers with even 
higher molecular weights.66–67 Reaction of diisocyanates with alkylphenol-aldehyde 
resin alkoxylates also gives a range of higher molecular weight cross-linked demul-
sifiers.68 Siloxane cross-linked demulsifiers have been claimed, prepared by react-
ing alkylphenol-formaldehyde resin alkoxylates or polyalkylene glycols with one 
or more silicon-based cross-linkers.69 An example of a cross-linker is tetraethoxy 
silane, (EtO)4Si. Alkylphenol-aldehyde resin alkoxylates can be reacted with phos-
phorus pentoxide, phosphorous oxychloride, or phosphoric acid to produce acidic 
phosphate ester demulsifiers.70–71 Such demulsifers are claimed to give improved 
performance over currently used demulsifers (at the time of patenting) by provid-
ing more rapid water separation as well as lower basic sediments and water in the 
shipping crude. Bis-phenols such as 2,2-bis-(4-hydroxyphenyl)-propane can be used 
to make more complex alkylphenol-aldehyde resin alkoxylates.72 Diamines, such as 
ethylenediamine (EDA), can be included in the resin condensation process to make 
alkoxylated alkylphenol-formaldehyde-diamine polymers.73 Alkoxylate resins can 
be reacted with ethylene carbonate to produce a range of demulsifiers.74

11.3.3.3  Polyalkoxylates of Polyols or glycidyl ethers
Branching in polyalkoxylates improves the demulsifier efficiency. Thus, compared 
with straight-chain EO/PO/EO block copolymers formed from glycols, alkoxylation 
of polyols with more than two OH groups will give a branched structure. Typical 
polyols are glycerol, pentaerythritol, and trimethylolpropane. Polyalkoxylates of 
diglycidyl ethers are well-known demulsifiers. A typical diglycidyl ether is the 
diglycidyl ether of bis-phenol, known as bis-phenol A (Figure 11.4). Several varia-
tions on this theme have been patented.75–76 For example, reaction of an alkoxy-
lated polyol with the glycidyl ether of an alkylphenol such as cardanol has been 
claimed to give useful demulsifiers.77 The polyol may optionally be cross-linked 
before reaction with the aromatic hydrocarbon and the cross-linking agent may be 
a diepoxide.

Polyalkoxylates of polyols can be partially cross-linked with a vinyl monomer 
such as acrylic acid to increase the molecular weight and improve demulsifier effi-
ciency. For example, an EO/PO/EO block copolymer and oxyalkylated copolymer of 
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Figure 11.4 Bis-phenol A, a diglycidyl ether.
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2-amino-2-hydroxymethyl 1,3-propanediol can be partially cross-linked with acrylic 
acid.78 In another invention, epoxidized fatty acid esters can be opened with alcohols 
or carboxylic acids to form polyols and the resulting hydroxyl groups reacted with 
alkylene oxides, EO and PO.79

Diepoxyglycidyl or diglycidyl compounds can be used to make a number of 
other demulsifiers. Reaction of these compounds with amines and, optionally, a 
second amine-containing group, which includes a tertiary amine group, and sub-
sequent alkylation (quaternization) leads to a range of quaternized aliphatic poly-
hydroxyetheramines cationic demulsifiers.80

11.3.3.4  Polyamine Polyalkoxylates and related cationic Polymers
There are a number of small polyalkyleneamines commercially available, which can 
be derivatized with various amounts of EO and PO to produce branched demulsi-
fiers. Examples of polyethyleneamines are EDA, diethylenetriamine (DETA), tri-
ethylenetetraamine (TETA), and tetraethylenepentamine (TEPA) (Figure 11.5). 
Commercial TETA and higher polyethyleneamines also contain minor amounts of 
ring compounds such as aminoethylpiperidines. One study on DETA-based demul-
sifiers showed that roughly equal amounts of EO and PO in the side chains gave 
optimum performance.81

Polyalkyleneamines with higher molecular weights, with at least 50 recurring 
ethylene imine or propylene imine units, can be reacted with various amounts of EO 
and PO to produce demulsifiers.82 These polyamine polyalkoxylates are claimed to 
perform even better when blended with isoalkylphenol formaldehyde resin alkoxy-
lates.83 Polyamine alkoxylates must have a polydispersity (Q = Mw/Mn) of at least 1.7, 
preferably 1.7–5.0, for optimum demulsifier performance.56

Products based on ring-opening reactions of epoxidized fatty acid esters with 
amines, diamines, or polyamines, after subsequent alkoxylation, have been shown 
to have an excellent breaking effect even at a very low concentration.84 A typical 
product is made by reacting an amine, such as coconut amine or TEPA, with soy-
bean oil epoxide and then alkoxylating the intermediate with various amounts of 
EO and PO.

Polyamines, such as DETA, can be first reacted with a dicarboxylic acid, such as 
adipic acid, and then alkoxylated to produce demulsifiers containing amide groups. 
The products can be optionally quaternized with dimethyl sulfate.85 Quaternized cat-
ionic polymeric demulsifiers can also be manufactured from the reaction product of 
a polyoxyalkylene glycol, epichlorohydrin, a polyol containing at least two hydroxyl 
groups (one or more of which can be optionally alkoxylated), and a end-capped poly-
oxyalkylene diamine or triamine.86 Smaller, quaternized fatty amine ethoxylates 
have also been claimed as water-in-oil demulsifiers.87

N
H

NH2H2N
N
H

H
NH2N

NH2

Figure 11.5 DETA and TETA. Each proton on the nitrogen atoms can be alkoxylated.
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11.3.3.5  Polyurethanes (carbamates) and Polyalkoxylate derivatives
Polyurethane alkoxylates are a well-known class of demulsifier.88–89 They contain car-
bamate functional groups and are made by condensing polyisocyanates, such as tolu-
ene diisocyanate, and polyglycols or polyalkoxylates with terminal hydroxyl groups 
(Figure 11.6). If polyglycols are used, both hydroxyl end groups can react with a 
diisocyanate to produce a high molecular weight polyurethane demulsifier. The ratio 
of EO and PO in the polyglycol can be varied to obtain a range of products with dif-
ferent surface activities. Another modification is to use substantially EO-containing 
polyurethanes and attach hydrophobic groups along the hydrophilic backbone.90

Alkylphenol-aldehyde resin alkoxylates and polyurethanes acted synergistically 
when added simultaneously, rendering water separation rates significantly higher 
than those observed when used individually.91 Polyurethanes aided sedimentation of 
water at moderate concentrations (ca. 200 ppm) by “bridging” nearby droplets, but 
they retarded coalescence when added at significantly higher concentrations, even 
when alkylphenol-aldehyde resin alkoxylates were present.

11.3.3.6  hyperbranched Polymers
A wide variety of nondendrimeric, highly functional, hyperbranched polymers have 
been claimed as demulsifiers including hyperbranched polycarbonates, hyperbranched 
polyesters, hyperbranched polyethers, hyperbranched polyurethanes, hyperbranched 
polyurea polyurethanes, hyperbranched polyureas, hyperbranched polyamides, hyper-
branched polyether amines, and hyperbranched polyesteramides.92 An example of a 
hyperbranched polymer is made by reacting adipic acid, glycerol, and glycerol mono-
stearate and subsequently reacting the hydroxyl groups with an alkylisocyanate.

Polyethyleneimine (PEI) is a commercial, low-cost hyperbranched polymer. Its 
molecular weight (Mw) can vary greatly from about 1,000–1,000,000 Da. PEI can 
be alkoxylated with EO, PO, and/or BO to form demulsifiers. This class performs 
synergistically with oxyethylated isoalkylphenol formaldehyde resins.56

Another class of hyperbranched polymers can be made by reacting an acry-
late ester, such as methyl methacrylate, with ammonia and EDA.93 The products, 
termed polyamidoamines, can be quaternized with, for example, epichlorohydrin or 
2-hydroxy-3-chloropropyl trimethyl ammonium chloride to form polyamido amines 
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Figure 11.6 The structure of a polyurethane polyalkoxylate (dicarbamate) formed from 
2,6-toluene diisocyanate. The 2,4 isomer can also be used.
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having pendent quaternary ammonium moieties.94–95 These products function as 
demulsifiers for breaking or resolving emulsions of the water-in-oil type as well as 
oil-in-water type emulsions.

11.3.3.7  vinyl Polymers
A wide variety of vinyl polymers have been claimed as demulsifiers. In gen-
eral, they contain both hydrophilic and hydrophobic parts. This can be carried 
out by polymerizing vinyl monomers such as (meth)acrylic acid or maleic anhy-
dride, hydroxyethyl(meth)acrylate, or (meth)allyl alcohol, which can be subse-
quently alkoxylated with EO, PO, and BO under basic conditions (Figure 11.7). 
Alternatively, (meth)acrylic acid or maleic anhydride can be reacted with one of the 
many classes of polyalkoxylates described earlier in this chapter, and the new ester 
monomers polymerized or grafted onto existing polymers.96–100 Another patent claims 
that polymerizing a mixture of methacrylate esters, some of which are hydrophilic 
by ethoxylation and some are hydrophobic based on alcohols, gives good demulsi-
fiers.101 If maleic anhydride is reacted with polyalkoxylates such as EO/PO/EO block 
copolymers and polymerized with acrylic acid, the remaining carboxylic acid groups 
can be esterified with a second polyalkoxylate, such as the alkylphenol formaldehyde 
resin alkoxylates.102

Hydrophobic groups can also be introduced by using monomers such as vinyl 
carboxylate esters or acrylate esters.103 Esterification of alkyl polyalkoxylates, such 
as C6H13(EO)6OH, with (meth)acrylic acid and subsequent polymerization is claimed 
to give superior demulsifiers that give rapid water drop, zero residual emulsion, a 
sharp oil-water interface, clear water phase for disposal or reinjection, and low salt 
in crude content.104

Copolymers containing four different vinyl monomers with aromatic, oleophilic, 
ionizable, and hydrophilic groups have been claimed as demulsifiers.105 A typical 
copolymer is made from styrene, an alkyl methacrylate, (meth)acrylic acid, and 
2-hydroxyethyl(meth)acrylate. Various surfactants complete the formulation. The 
polymers can also be used as latex, that is, a stable dispersion of polymer micropar-
ticles in an aqueous medium. A specific class of water-soluble tetrapolymers 
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Figure 11.7 Alkyl polyalkoxylate (meth)acrylate ester polymers. R1 = H or CH3, R2 = H 
or alkyl.
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(Mw = 2,000–50,000) made from methyl methacrylate, butyl acrylate, acrylic acid, 
and methacrylic acid has been claimed as water-in-oil demulsifiers. Styrene may be 
tacked on to the methyl methacrylate to result in a pentapolymer.106

11.3.3.8  Polysilicones
Polyoxyalkylene-polysiloxane block copolymers have been claimed as primary demul-
sifiers.107 Polysilicones such as dimethyl methyl(polyethylene oxide) siloxane and 
dimethyl siloxane, ethoxylated 3-hydroxypropyl-terminated are useful as demulsifier 
boosters.108 A range of organo-modified silicone demulsifiers has been reported.109 
Polysilicones can also function as defoamers (see Chapter 12 on defoamers).

11.3.3.9  demulsifiers with improved Biodegradability
Since the late nineties, there has been an increasing drive towards developing more 
environment-friendly demulsifiers, that is, low in toxicity and high in biodegradabil-
ity.108 This has been necessary to meet the demands of the environmental authorities 
in environmentally strict regions such as the North Sea basin. Generally, demulsifi-
ers are not very toxic due their high molecular weights. However, as was pointed out 
earlier for the alkylphenol-aldehyde resin alkoxylate demulsifiers, they may contain 
traces of toxic monomers or they may degrade to these or other lower molecular 
weight, more toxic chemicals.

Many of the traditional demulsifiers contain polyalkoxylate chains made pri-
marily from EO and PO. Polypropoxylate chains degrade slower than polyethoxy-
lates due to the presence of a methyl side group. Polybutoxylate chains made from 
ring opening of BO are even less degradable. However, straight polybutoxylate 
chains (polytetramethyleneglycol) made from ring opening of THF are more bio-
degradable. Thus, demulsifiers containing mainly polytetrahydrofurans and poly-
ethoxylates have been claimed as biodegradable demulsifiers. Using amide or ester 
linkages in these polymers is a good way to introduce biodegradability. Examples 
are the esterified reaction products of polytetrahydrofuran, an EO/PO/EO block 
copolymer or a fatty amine alkoxylate, and adipic acid.110 Twenty-eight-day BOD 
values of 23–52% were obtained for this class in the OECD 306 biodegradation 
test. Several other patents claim demulsifiers with biodegradable ester linkages.

Epoxidized fatty esters such as soya oil epoxide can also be used to synthesize 
potentially biodegradable demulsifiers. For example, the epoxide and a polyol contain-
ing two to six OH groups is reacted with an amine such as cocoamine or TETA and 
the resulting polyamine is alkoxylated with various amounts of EO, PO, or BO.111

Hyperbranched polymers and dendrimers discussed earlier can be significantly 
biodegradable if they contain ester or amide linkages. For example, polymerization 
of 2,2-dimethylolpropionic acid on a polyol core gives hyperbranched polyesters with 
many OH groups. Alkoxylation of these polymers with EO, PO, and/or BO can give a 
potentially biodegradable class of demulsifier.112 Other complex ester-based demulsifi-
ers are formed by reacting polycarboxylic acids and polyalcohols, such as the reaction 
of a 1:3.1 blend of esterified citric acid, triethyleneglycol, and a C12–14 alcohol.113

Another way of introducing more biodegradable chains into a demulsifier polymer 
is to use polyglycerol. Polyglycerol is available commercially as both linear polymers 
and hyperbranched polymers (Figure 11.8). Polyglycerols, which are subsequently 
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reacted with EO and PO, have been claimed as biodegradable demulsifiers.114 Cross-
linked polyglycerols are claimed to perform even better.115 Cross-linking can be car-
ried out with diglycidyl ethers, dicarboxylic and polycarboxylic acids, alkylsuccinic 
anhydrides, alkoxyalkylsilanes, or diisocyanates.

Another class of potentially biodegradable demulsifiers is the alkoxylated alkyl 
polyglycosides (Figure 11.9).116 The alkyl polyglycosides may also contain, owing 
to the synthesis, additional substances such as residual alcohols, monosaccharides, 
oligosaccharides, and oligoalkyl polyglycosides. These polymers can be optionally 
reacted with difunctional cross-linkers, such as diisocyanates and/or dicarboxylic 
acids to increase the branching and molecular weight.

Another class of demulsifier with improved biodegradability that has been 
claimed is that of orthoester-based polymers.117–118 Orthoesters have the struc-
ture shown in Figure 11.10. A typical orthoester is triethyl orthoformate. These 
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Figure 11.8 Linear polyglycerol.
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Figure 11.9 Example of an alkyl polyglycoside based on a β-maltose backbone. R1 = 
alkyl, R2 = polyalkylene glycol. Single six-ring molecules make up a significant percentage 
of the demulsifier.
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Figure 11.10 The structure of orthoesters.
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molecule reacts with hydroxy or amino groups found in poly(ethylene glycol)s, 
poly(propylene glycol)s, or with some aminoalcohols to form a high-molecular-
weight, potentially cross-linked polymer containing hydrophilic and hydropho-
bic parts.

Block, star, or branched-type amphiphilic hydroxyl polyesters have been claimed 
as demulsifiers with improved environmental properties.119 The hydroxyl ester bond 
is made by the reaction of compounds with at least two carboxylic acid groups with 
a monoepoxide or the reaction of an epoxide compound, with multiepoxide groups 
on molecules with at least one carboxylic compound, with at least one carboxylic 
group. Examples of hydroxyl polyesters are the reaction products of citric acid, poly-
ethylene glycol diacid, or carboxymethylcellulose with 2-epoxydodecane or glycidyl 
hexadecyl ether. Terpene alkoxylates have been claimed as demulsifiers, particularly 
as more environmentally friendly alternatives to nonylphenyl alkoxylates.127

11.3.3.10  dual-Purpose demulsifiers
Some demulsifiers can also have a secondary function. For example, the salt of 
an alkyl amine and an alkyl aryl sulfonic acid is a useful demulsifier but also has 
 corrosion-inhibiting properties.120 A specific example is the salt of a methyl, di-
cocoyl amine, and an alkyl aryl sulfonic acid. Related to these demulsifiers is the 
three-tailed reaction product of 2 mol of ethoxylated fatty amine and 1 mol of a sul-
fonated oleic acid (Figure 11.11). The product probably exists as ion pairs in nonpolar 
solvents.121

Cationic molecules and polymers designed as demulsifiers may also function 
as corrosion inhibitors. For example, the quaternized condensation product of 
4,4′-bis(chloromethyl)diphenyl ether and tertiary dodecylamine polyglycol ether and 
related variations has been claimed as such.122 Fatty amine alkoxylates have been 
claimed as demulsifiers, corrosion inhibitors, and/or pour-point depressants in crude 
oils.123

Sulfonic acid derivatives of alkyl aromatic compounds containing at least 2 six-
rings and an alkyl chain of at least 16 carbons were first designed as asphaltene 
inhibitors (see Chapter 4 on asphaltene control). These molecules together with a 
coadditive solvent also behave as demulsifiers, possibly by stabilizing the asphaltenes, 
which are known to cause emulsion problems.124 In fact, stabilizing asphaltenes can 
be a key to good demulsification.125

Compounds of the formula H(CH2)zCOO[C2H4O]xCyH2y + 1 where z is 0–2, x is 
1–5, and y is 4–9 have been claimed as demulsifiers and defoamers.126 They may be 
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Figure 11.11 Three-tailed ion pair demulsifiers.
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made by the simple esterification reaction of the corresponding hydroxy ethoxylated 
alkyl and organic acid. These compounds are also claimed to be more environmen-
tally acceptable.
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12 Foam Control

12.1  introduction

Foam is a gas dispersion in a liquid or solid continuous phase.1 Liquid foaming problems 
occur in many oilfield processes.2 For example, this occurs when gas breaks out from 
crude oil in separators or in gas-processing plants such as amine and glycol contactors. 
Water systems can also foam due to chemicals or deaeration by gas or vacuum stripping. 
Foam in two- and three-phase separators can create several operational problems:

poor level control that can lead to platform shutdowns•	
liquid carryover in the gas outlet that can lead to flooding of downstream •	
scrubbers and compressors
gas carry-under in the liquid outlet that can lead to increased compres-•	
sion requirements

High throughput and high GOR (gas-to-oil ratio) favor foam formation.
Foams are made up of bubbles (lamellae) stabilized by surfactants, either naturally 

occurring surfactants (resins, asphaltenes, naphthenic acids, etc.) or added produc-
tion chemicals such as some film-forming corrosion inhibitors. It is the Marangoni 
effect, mass transfer on or in a liquid layer due to surface tension differences, that 
stabilizes foams.3 Viscosity has also been found to play a major role in determining 
whether a crude oil will foam under experimental conditions.4

12.2  deFoamers and antiFoams

Foams can be controlled by adding a defoamer or antifoam.5 The term “antifoam” 
refers to a chemical that prevents or delays foam formation and “defoamer” refers to 
a chemical that destroys foam already formed. However, the terms often appear to be 
used interchangeably in the oil industry, maybe because many common defoamers 
are also antifoams. Thus, many antifoams not only prevent or delay foam forma-
tion but they can break already-formed foams. Oilfield defoamers and antifoams are 
usually used at a dosage of 1–10 ppm in crude oil separators, but there have been 
successful reports of their use at dosages as low as 0.1 ppm and a need for dosages 
as high as 100 ppm.6–7 It is possible to overtreat with these chemicals, stabilizing the 
foam, so an optimum treatment level must be determined. Defoamers and antifoams 
displace surfactants from the gas-liquid interface of bubbles, allowing the liquid in 
the bubbles to coalesce and the gas to escape.8

The most universal characteristic of any defoamer or antifoam is the fact that it 
is surface active but highly insoluble in water. It is often formulated so that it will 
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be dispersed as tiny droplets, that is, as an emulsion. There are two main classes of 
antifoam/defoamer used in the oil and gas industry, the first category being far the 
most prevalent:

silicones and fluorosilicones•	
polyglycols•	

Blends of the above two classes are also commercially available. They are sometimes 
used with hydrophobized silica particles, which have an additional destabilizing effect 
on foams. Fumed metal oxide particles, such as fumed silica, can also be coated with 
a defoamer chemical.9 The function of such particles is to pierce the surfaces of foam 
bubbles, causing them to coalesce when the defoamer spreads at the interface. Some 
demulsifiers, such as ethoxylated fatty esters have been claimed as defoamers.10

As borne-out by the patent references in this chapter, defoamers and antifoams 
are most often laboratory tested using graduated measuring cylinders. A defoamer is 
tested by first making foam in the cylinder (e.g., by bubbling a gas through a liquid), 
adding the defoamer and then measuring the time it takes to fully break the foam. 
An antifoam is tested by first adding the chemical to a liquid and then bubbling gas 
through. The delay time in forming a certain amount of foam is recorded.

12.2.1  SiliCOnES And fluOROSiliCOnES

Silicones are the most commonly used antifoams for oilfield applications. Sili-
cones are nontoxic but poorly biodegradable siloxane polymers.11 They can be 
supplied as the pure product or in solvents or emulsions.12 Mixtures with silica 
particles can be used for reasons discussed earlier.13–14 The simplest silicone is 
poly(dimethylsiloxane) (PDMS) with the basic structure shown in Figure 12.1, 
although other poly(diorganosiloxane)s can be used. A polymer with peak molecular 
weight distribution at 15,000–130,000 Da is proposed to work best as antifoam for 
crude oil systems.15 One technical disadvantage of silicone products is that there is 
the potential to cause damage to the surface of catalysts at the refinery, although this 
effect is likely to be associated with overdosing.

Derivatives of PDMS with polyoxyalkylene groups have also been claimed as anti-
foams.16–18 The hydrophobicity can be varied by introducing different and varying per-
centages of oxyalkylene groups. Cross-linked organopolysiloxane- polyoxyalkylenes 
can also be used.19 Blends of polysiloxane homopolymers and specific polysiloxane 
copolymers have been claimed as improved antifoams.20 The polysiloxane copoly-
mers are obtainable by reacting, in a first step, organopolysiloxanes, which comprise 

Si Si Si

CH3

CH3CH3

CH3

CH3OO

CH3

CH3

H3C

n

Figure 12.1 Structure of poly(dimethylsiloxane) (PDMS) (n = 200–1,500).
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at least one Si-bound hydrogen atom, with substantially linear oligomer or polymer 
compounds of the general formula R-(A-CnH2n)m-A1-H, in which A and A1 are groups 
containing oxygen and/or nitrogen atoms. Mixtures of poly(diorganosiloxane)s with 
polyoxyalkylene-modified silicone oils are claimed to have improved antifoaming 
properties, water dispersibility, and stability.21 Other organically modified silicone 
oils can also be used.14

PDMS has some solubility in organic solvents including hydrocarbons. Its effec-
tiveness as an antifoam in crude oil separators can often be improved by substi-
tuting some of the methyl groups for fluorinated alkyl groups.22–25 Perfluoroalkyl 
groups make the fluorosilicone molecules even less soluble in hydrocarbons, thereby, 
improving its performance. Typical fluorosilicones are shown in Figure 12.2. 
3,3,3-Trifluoropropyl siloxy groups have also been used in fluorosilicone antifoams.26 
Fluorosilicones are more expensive than simpler silicones such as PDMS, but they 
can usually be dosed at lower application levels.

The use of a fluorosilicone together with a nonfluorinated silicone such as PDMS 
has been claimed to give a synergistic blend, which performs better and at a lower 
dose than using either silicone alone. The blend gives both reduced liquid carry 
over into a gas stream and reduced gas carry under into a liquid stream in a separa-
tion process.27

12.2.2  POlyglyCOlS

Polyglycols are good all-round defoamers. They are particularly useful for removing 
foams formed from aqueous solutions but can be applied to the crude oil separators 
or alternatively to glycol systems. The dose requirement is usually relatively high, 
for example between 10 and 200 ppm. As with all defoamers and antifoams, over-
dosing effects may be observed in an extreme case, such as causing foam stability 
and loss of control in the separator/glycol system. Nonsilicone antifoams such as the 
polyglycols are commonly biodegradable and low in toxicity and will not cause any 
damage to refinery catalyst. Polyglycols are made by adding the monomers ethylene 
oxide (EO), propylene oxide (PO), and/or butylene oxide (BO) to amines or alcohols. 
Polyglycol defoamers need to contain a high proportion of hydrophobic monomers 
(PO or BO) for them to have good performance. Most defoamers in this class are 
based on polypropoxylates, as PO is the cheaper of the two hydrophobic monomers. 
The polymers can be linear or branched (Figure 12.3). Some classes of polyglycols 
used as demulsifiers can be tailored to perform as defoamers, including alkyl phenol 
resin alkoxylates and diepoxides.28

Si

CH3

CH3

CH3

CH3

CH3

CH3

CH3 CH3

H3C

n

Si Si SiO OO

R

m

R = CnF2n+1 or CF3CH2CH2

Figure 12.2 The structure of some fluorosilicone antifoams, often containing some 
dimethyl siloxy groups.
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Polyols can also be alkoxylated to make defoamers.29 An example is glycerol 
condensed with various amounts of PO and EO, blended with aqueous 25% sodium 
xylene sulfonate. Other defoamer compositions are polyalkoxylated surfactants 
blended with a polyhydric alcohol fatty acid ester.30
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13 Flocculants 

13.1  introduction

The water separated out at the demulsification stage at the oilfield-processing facili-
ties contains residual oil and finely dispersed solids. The oil is present as a dispersion 
in water or oil-in-water emulsion (inverse emulsion). The concentration of residual 
oil is usually too high for discharge of the water to be allowed into the environ-
ment, plus the residual oil also has economic value.1 For example, a new discharge 
standard for oil and grease in produced water in the Northeast Atlantic and North 
Sea area of 30 ppm (30 mg/L, previously 40 mg/L) became effective on January 1, 
2007. Elsewhere, this level may be set as low as 5–10 mg/l, which can be diffi-
cult to achieve. In addition, if the water is to be reinjected, the solids may plug the 
pore throats in the near-well area of the injection wells, or plug filters, raising back-
pressures, which wastes energy, damages equipment, or can even lead to shutdown. 
Therefore, the water needs to be treated to remove the oil and dispersed solids. The 
chemical method of doing this is to add a flocculant, also called a “water clarifier,” 
“deoiler,” “oil-in-water demulsifier,” “reverse emulsion breaker,” or “polyelectrolyte.” 
Flocculants can also be useful in wellbore cleanup operations.2

At an oil and gas production site, flocculants work in conjunction with gravity set-
tling equipment, hydrocyclones, centrifuges, flotation devices, filtration equipment, 
and the like by creating a “floc” onto which oil droplets and particles are absorbed. 
The floc is then separated and returned to crude production. Most flocs are “sticky” 
and adhere to surfaces inside the equipment. After a relatively short period of time, 
the buildup of floc within the water-treatment system cause damage and may need to 
be shut down and cleaned. Preferably, the flocculant provides an “acceptable” floc, 
which does not cause operational problems in the system via adherence, plugging, 
and interface buildup. Flocculants are sometimes used upstream of hydrocyclones. 
In this case, they build the floc size. Hydrocyclones do not work well if the dispersed 
oil/solids are below about 10 µm.

Other technologies have been developed to remove oil and other contaminants 
from produced water.3 One process uses a combined degassing and flotation tank for 
separation of a water influent containing considerable amounts of oil and gas. A rota-
tional flow is created in the tank, which forces the lighter components such as oil and 
gas droplets toward an inner concentric cylindrical wall where they coalesce and rise 
to the surface of the liquid and are removed via the outlet whereas the heavier parts 
are forced down where the heavy particles sink to the lower part where they may 
be removed as a sludge.4 A macroporous polymer extraction technology is now in 
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offshore use.5 Hydrocarbon-contaminated water is passed through a column packed 
with porous polymer beads that contain a specific extraction liquid. The immobilized 
extraction liquid removes the hydrocarbon components from the process water. 
Other processes use specially designed centrifuges or hydrocyclones.6–7 Yet another 
process (CTour) also being used in the North Sea uses a hydrocyclone and additional 
liquid hydrocarbon gases (NGL), which must be available on the platform, to simul-
taneously extract oil including dispersed and dissolved polycyclic aromatic hydro-
carbon and benzene, toluene and xylene from produced water.8 Other nonchemical 
deoiling processes have been invented including an oil droplet coalescer, a cyclonic 
valve, and adsorbents for organic materials.9–10 Tests on pilot-scale facility to remove 
polar and nonpolar organics from produced water using surfactant-modified zeolite 
adsorbent beds and a membrane bioreactor have been reported.11 Organically modi-
fied clays (organoclays) can also be used for water clarification.12

Traditional techniques to separate oil from the water are all physical methods 
based on Stokes Law, prediction of the settling velocity of a sphere in a fluid, where 
the four main parameters are the difference of density between oil and water, the 
gravity force, the viscosity, and the size of the dispersed hydrocarbons. The normal 
equipment used with flocculants is flotation cells. Sometimes, a primary flocculant 
is used, the oily floc is removed, and a second treatment is carried out with a second-
ary flocculant. These techniques have no action on dissolved hydrocarbons. In one 
large Asian field, clarified water is subjected to biological oxidation for the removal 
of ammonia and organic carbon (BOD) in the second stage.13

13.2  theory oF Flocculation

Dispersions of oil and particles in water are stabilized by a number of factors, includ-
ing charge repulsion.14 The orientation of water molecules at a hydrophobic particle 
surface imparts an anionic surface potential to the particle that repels similar anionic 
surfaces on other particles. Flocculation of these particles must overcome the charge 
repulsion. As the salinity of the produced water increases, the charge repulsion 
becomes weaker and more short-ranging. Polar molecules in crude oil, including 
resins and organic acids, as well as clays, scale, rust, and other polar products will be 
present at the oil-water interface in oil-in-water emulsions. These polar sites will 
be surrounded by a hydration layer that prevents oil droplets from aggregating. This 
is a short-range effect.

The way to get two oil droplets or two solid particles to come together is to add a 
flocculant and to have good mixing. The effect of the flocculant is to counterbalance 
the charges on the dispersed oil and particles so that they will come together (floccu-
late). The flocculant may also bridge particles, causing them to come together. This is 
usually done with a large, charged molecule, such as a high molecular weight polymer 
or in situ–generated polymer. Once the polymer has bridged two or more particles, 
the charge on the polymer is more neutralized. This causes a shift in the conforma-
tion of the polymer from being open and linear to a more coiled or globular structure. 
Thus, the polymer has collapsed, enveloping flocculated particles as a “floc.”
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13.3  Flocculants

Flocculants used in the oil industry can be summarized as follows:

highly valent metal salts•	
cationic polymers•	
dithiocarbamates (DTCs; in situ–forming cationic “polymers”)•	
anionic polymers•	
nonionic polymers•	
amphoteric polymers•	

Surfactants or other small molecules may also be present in some formulations as 
enhancers. However, caution needs to be used in adding surfactants as they can just 
as easily stabilize as destabilize emulsions.

Highly valent metal salts have flocculation or coagulant properties due to a high 
positive charge density. They are not usually used alone in oilfield applications but 
can be added to polymer flocculants to enhance the performance. Iron(III), zinc(II), 
or aluminum(III) salts are the most common. They are acidic in solution due to hydro-
lysis and can cause corrosion problems. The hydrolyzed products, metal hydroxides, 
also form an unnecessary sludge. There are also restrictions on the discharge levels 
of some metal ions in some areas. Acids, which generate H3O+ ions in water, gener-
ally break oil-in-water emulsions more effectively than coagulant salts, but the resul-
tant corrosive acidic wastewater must be neutralized after oil/water separation.

Ionic polymers (polyelectrolytes) make up the bulk of primary flocculants used 
in the oil industry. One service company markets DTC chemistry, which forms cat-
ionic “polymers” in situ (discussed in Section 12.3.1.5). Cationic polymers are used 
more than anionic polymers reflecting the charge neutralization required on usually 
negatively charged oily particles dispersed in water. However, anionic flocculants 
are known to agglomerate clays, which have a negative surface charge. In the pri-
mary oil-in-water demulsification process, a cationic polymer is usually first used. 
However, the charge on the dispersed oil and particles may be positive, requiring an 
anionic polymer, if the pH of the aqueous phase is very low, for example, after an acid 
stimulation treatment or if the water-in-oil demulsifier remaining in the oil-in-water 
emulsion is cationic. In addition, a second or even third flocculant may be needed for 
sufficient water clarification to meet the environmental requirements of discharged 
water. Nonionic polymers such as poly(ethylene oxide-b-propylene oxide), polyvinyl 
alcohol (PVA), and hydrophobically modified PVA have been investigated but are 
generally poorer flocculants than polyelectrolytes.15–16

The molecular weight of the ionic polymers should be fairly high (> 1,000,000 Da) 
for the bridging flocculation mechanism to take place effectively. However, if the 
molecular weight is too high, the polymer may have little mobility and impede 
coalescence. In addition, a high molecular weight may mean the viscosity of the 
aqueous polymer solution may become unmanageable. This usually limits the con-
centration of aqueous solutions of high molecular weight polymeric flocculants to 
around 5–10%.

© 2009 by Taylor and Francis Group, LLC

  



322 Production Chemicals for the Oil and Gas Industry

To reduce the viscosity for injection purposes, an aqueous solution of the poly-
mer in an invert emulsion or a latex dispersion can be used. However, invert emul-
sion or latex polymers add even more oil to the stream to be treated because these 
polymers typically include 20–30% by weight of a hydrocarbon continuous phase. 
Another disadvantage is that these polymer products must be inverted before use, 
which complicates the process of feeding the polymer into the system. Like using 
dry polymer, the equipment in the oil field for previous inversion is not normally 
available, thus forcing the direct feeding of the polymer into the system. Numerous 
problems associated with this feeding method have caused many customers to avoid 
latex polymers. In addition, the latexes generally have a very narrow treating range, 
often resulting in overtreatment at higher dosages. There have been many attempts 
to provide water-soluble, relatively high molecular weight, polymer flocculant in an 
aqueous composition (thereby avoiding the disadvantages of dissolving powder or 
dealing with the oil continuous phase) wherein the resultant composition has accept-
able viscosity but much higher concentration than would be associated with high 
molecular weight polymer dissolved in water. These attempts involve suppressing 
swelling and/or dissolution of the higher molecular weight polymer by modification 
of the aqueous continuous phase in which it is dispersed and/or by modification of 
the polymer. Such products are generally referred to as “water-in-water emulsions,” 
even though the physical state of the higher molecular weight material may not nec-
essarily be a true emulsion. One patent claims that fairly high concentrations (at least 
15%) of a high molecular weight polymer can be made by dispersing it in a solution 
of a low molecular weight polymer with dissolved inorganic salt.17 A related patent 
uses a second polymer to disperse the polymeric flocculant in a high-concentration 
solution.18 On dilution, the flocculant is made totally water-soluble. Carrying out the 
polymerization of the monomers in a solution of a polyvalent anionic salt, such as 
a phosphate or sulfate salt, is claimed to give improved handling of cationic floccu-
lants.19–20 A seed polymer can be added before the beginning of the polymerization 
for the purpose of obtaining a fine dispersion. The seed polymer is a water-soluble 
cationic polymer insoluble in the aqueous solution of the polyvalent anionic salt.

The charge density of the ionic polymers is also an important factor. Too much 
charge density can reverse the charges on the particles and restabilize them. There-
fore, most ionic polymeric flocculants are copolymers, containing an ionic monomer 
and a neutral monomer. The ratio of the two monomers can be varied giving several 
potential flocculants with different charge densities in one structural class. A small 
amount of branching or cross-linking has been reported to improve the performance 
of some polymeric flocculants.21

13.3.1  PERfORmAnCE tESting Of flOCCulAntS

The bottle test (similar to the standard bottle test for crude water-in-oil emul-
sions) is commonly used to test flocculants. The flocculant is added to a sample 
of “oily” water and the capped bottle shaken. After standing for a given time, the 
clarity of the water is examined. Flocculant concentrations determined by this 
test usually exceed that required in practice in the plant. It is normal practice 
to start testing at a dose of 10 ppm and then increase or decrease in the range 
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1–50 ppm. The dose requirement is usually low compared with demulsifiers for 
resolving water-in-oil emulsions.

A jar test with low shear is useful for testing flocculants added to a large tank or 
pit. The specialized “jar test” apparatus or miniature cell attempts to duplicate the 
actual process when chemicals are added into a large pit, which experiences only a 
mild level of agitation. Stirring time and speed can varied to suit the particular appli-
cation. The initial high stirring simulates the conditions close to chemical dosing but 
the lower stirring is representative of general plant conditions.

Many systems employ the action of gas bubbles to float both oil and solid con-
taminants out of the water phase. These systems usually have high amounts of 
agitation and create foam or froth above the water phase. Gas flotation testing is 
performed with a flotation test cell sometimes called a “bench Wemco” to simulate 
plant practice.

13.3.2  CAtiOniC POlymERS

Many types of cationic polymer (polyquaternaries) have been reported to be effec-
tive as flocculants. What the polymers have in common is that they are all made 
cationic by the incorporation of quaternary nitrogen atoms. They include:

diallyldimethylammonium chloride (DADMAC) polymers•	
acrylamide or acrylate-based cationic polymers•	
polyalkyleneimines•	
polyalkanolamines•	
polyvinylammmonium chloride•	
polyallylammonium chloride•	
branched polyvinyl imidazoline acid salts•	
cationic polysaccharides and chitosan•	
condensed tannins•	

The first two categories are most commonly used.

13.3.2.1  diallyldimethylammonium chloride Polymers
The basic DADMAC polymers, such as the homopolymer polydiallyldimethylam-
monium chloride (poly-DADMAC), have been known, for a long time, to perform 
well as flocculants (Figure 13.1).22 High molecular weight polymers (> 1,000,000 Da) 
are usually used. The polymers contain mainly five-ring but also some six-ring 
cationic groups. Various methods of making the polymers, as aqueous solutions, 
dispersions, or emulsions, have been claimed. An improvement on the use of the 
homopolymer, poly-DADMAC, is to add 5–10% by weight of residual DADMAC 
monomer as enhancer to the formulation.23 DADMAC monomer can be copoly-
merized with acrylamide or other cheap, nonionic monomeric hydrophilic mono-
mers to vary the charge density in the polymer.24 A small amount of branching 
in some of the polymers is claimed to give improved flocculant performance.25 
Typical cross-linking agents are vinyltrimethoxysilane and methylenebisacrylam-
ide. Hydrophobically modified DADMAC polymers are claimed to give improved 
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flocculant performance.26 A preferred hydrophobic monomer is ethylhexylacrylate 
ester. The hydrophobic groups will be attracted to hydrophobic oil droplets, enhanc-
ing their flocculation. A combination of aluminum chlorohydrate and a polyamine, 
such as polydiallyldimethyl ammonium chloride, is claimed to give superior floc-
culant performance.27

13.3.2.2  acrylamide or acrylate-Based cationic Polymers
Mannich acrylamide polymers are well-known cationic flocculants (Figure 13.2).28–29 
Generally, these polymers are homopolymers of acrylamide or copolymers thereof 
with comonomers such as acrylonitrile, methacrylamide, or acrylic acid in amounts 
up to about 50% of the resultant copolymer. The polymers have molecular weights 
ranging from about 10,000 to about 3,000,000 and are chemically modified by a 
Mannich reaction with formaldehyde and dimethylamine (or other secondary C1–8 
alkylamines) to provide dimethylaminomethyl groups. These groups are modified 
by quaternization, for example, with dimethyl sulfate, to provide aqueous cationic 
polymers. Mannich acrylamide polymers, in the form of inverse microemulsions, 
can give superior performance.30 It also allows the polymers to be prepared at high 
solids content while maintaining a very low bulk viscosity.

A variety of acrylamide or acrylate-based cationic monomers are used to make 
cationic polymeric flocculants (Figure 13.3). Probably the most common cationic 
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Figure 13.1 DADMAC polymers. The five-ring pyrolidinium monomer is the major com-
ponent and the six-ring piperidinium monomer the minor component.
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Figure 13.3 Structure of acrylamide 
or acrylate-based monomeric units found 
in some cationic flocculants. A = NH or O, 
R = H, CH3, n = 2–3.
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Figure 13.2 The active monomer struc-
ture in acrylamide Mannich copolymers.
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monomers in this class of polymer are quaternary salts of dimethylaminoethyl(meth)
acrylate and methylacrylamidopropyltrimethylammmonium chloride.31–32 Another 
cationic polymer is based on quaternary ammonium salts of 1-acryloyl-4-methyl 
piperazine.33 As with DADMAC polymers, a small amount of branching obtained by 
using a cross-linker can improve the performance.25

The cation density and effectiveness as a flocculant can be varied by copoly-
merization with neutral hydrophilic monomers such as acrylamide.34 For example, 
a 20:80 mol% copolymer of acryloxyethyltrimethyl ammonium chloride and acryla-
mide with molecular weight above about 2,000,000 Da has been claimed.35 At these 
high molecular weights, the viscosity of concentrated polymer solutions is very high. 
As explained earlier, invert emulsions or latex dispersions can be used to overcome 
the high viscosity. A novel method to reduce viscosity is to polymerize neutral, 
hydrophobic monomers such as dimethylaminoethylmethacrylate and ethyl acrylate 
in a water-external latex emulsion. The polymer becomes cationic and water-soluble 
on addition to saline solutions.36 Dispersions of hydrophilic cationic copolymers of 
acrylamide in a salt media have also been claimed as easier ways of handling these 
otherwise high viscosity polymer solutions.37 Di-quaternary acrylic monomers, use-
ful to make cationic polymers, can be prepared from a vinylic tertiary amine, such 
as dimethylaminopropylmethacryamide, by reacting it with (3-chloro-2-hydroxypro-
pyl)trialkylammonium chloride.38

Cationic polymers with a percentage of hydrophobic monomers have been claimed 
to give improved flocculation compared with the homopolymer. Examples are 
DADMAC or acrylate cationic polymers with vinyl trimethoxysilane or dimethyl-
aminoethylacrylate benzyl chloride quaternary salt comonomers.39–40 Other patents 
claim the use of lipophilic alkylacrylate comonomers with cationic acrylate or acryl-
amide monomers.41 A water-dispersible terpolymer formed by polymerization of 
an acrylamide monomer, a water-soluble cationic monomer, and a water insoluble, 
hydrophobic monomer such as an alkyl(meth)acrylamide or alkyl(meth)acrylate is 
claimed as a superior flocculant.42 The authors describe a possible mechanism by 
which the introduction of a hydrophobic monomer improves the performance of 
the cationic polymer. Thus, while conventional polymers can attach themselves to 
oil droplets by coulombic attraction, hydrogen bonding, and other undefined or not 
clearly understood mechanisms, the hydrophobic groups of these novel terpolymers 
can also be attached by a hydrophobic group–hydrophobic oil droplet association. 
Additionally, it may be possible that hydrophobic groups on different polymer mol-
ecules interact to form a bridge or network, which may aid in floc formation and oil 
flotation. While coulombic attraction still appears to be the strongest type of attrac-
tion, the hydrophobic association, or hydrophobic effect, appears to add significant 
strengthening to this attraction, as evidenced by improved emulsion breaking and 
wastewater cleanup.

13.3.2.3  other cationic Polymers
Diethanolamine, triethanolamines, and isopropanolamines are cheap starting materi-
als, which can be condensed to form branched polyalkanolamines, which are useful as 
oil-in-water demulsifiers (Figure 13.4).43 Triethanolamine polymers contain peripheral 
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OH groups. Substituted dioxane groups are also found in the polymer. The polymers 
can also be quaternized. Urea can be added to confer branching or cross-linking.44

Another cationic polymer class claimed as flocculants is based on the reaction of 
1,2-dichloroethane with small polyamines such as 1,2-diaminoethane or diethylene-
triamine (Figure 13.5).45 These polymers used alone only work at fairly high con-
centrations. These polymers, and the ethanolamine polymers described above, are 
unusual in that the cationic charge is on the backbone and not pendant side chains. 
They perform well when blended with poly-DADMAC.46

Similar structures with the quaternary nitrogen in the backbone can be obtained 
by reacting epichlorohydrin and dimethylamine or larger polyamines (Figure 13.6).

Quaternized polyalkylene polyamines, such as the adduct of 2-hydroxy-3-
 chloropropyl trimethylammonium chloride and a polyethylene polyamine, have been 
claimed as flocculants.47 Of these polyalkylene polyamines, the higher molecular 
weight polyethylene polyamines and polypropylene amines such as those having a 
number average of 100 to 15,000 Da are preferred. Of particular interest are the poly-
alkylene polyamines that are cross-linked with 1,2-dichloroethane or the like, as well 
as mixtures of such cross-linked polyamines with other polyalkylene polyamines.

Polymerized or condensed tannins have been claimed as flocculants. One such 
class is made from tannin, an amino compound, and an aldehyde wherein the amino 
compound is monoethanolamine and the aldehyde is formaldehyde.48 Tannins con-
sist mainly of gallic acid residues that are linked to glucose via glycosidic bonds. 
Condensed tannins reacted with cationic monomers such as methyl chloride quater-
nary salt of dimethylaminoethyl acrylate have also been claimed.49

Polyvinylammonium salts are cationic polymers and have been claimed as floc-
culants.50–51 Polyvinylamine is commercially available and made via hydrolysis 
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Figure 13.4 The structure of triethanolamine. Polymers of this molecule contain periph-
eral OH groups. Substituted dioxane groups are also found in the polymer.
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Figure 13.5 The polymeric reac-
tion product of 1,2-dichloroethane with 
1,2-diaminoethane.
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Figure 13.6 The polymeric reac-
tion product of epichlorohydrin and 
dimethylamine.
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of polyvinylformamide. Polyallylammonium chloride has also been claimed as a 
cationic flocculant.52

Various other cationic polymers have been investigated as flocculants. They 
include quaternized polymerized pyridines and quinolines, which can also be used 
as corrosion inhibitors and biocides,53 N-diallyl-3-hydroxy azetidinium salt poly-
mers,54 thiazine quaternary ammonium salts of polyepihalohydrin, which can also 
function as biocides or water-in-oil demulsifiers,55 branched polyvinyl imidazoline 
acid salts have been shown to be better flocculants than linear polymers.21 Cationic 
dendritic polymers such as dendrimers and hyperbranched polymers can also be 
used as flocculants. These include dendritic polyamines, dendritic polyamidoamines, 
and hyperbranched polyethyleneimines and the reaction products thereof with glu-
conolactone, alkylene oxides, salts of 3-chloro-2-hydroxypropanesulfonic acid, alkyl 
halides, benzyl halides, and dialkyl sulfates.56 The flocculation behaviors of three 
series of polycations with narrow-molecular-weight distributions carrying hydro-
phobic substituents on their backbones, [poly(N-vinylbenzyl-N,N,N-trimethylammo-
nium chloride), poly(N-vinylbenzyl-N,N-dimethyl-N-butylammonium chloride), and 
poly(N-vinylbenzylpyridinium chloride)] has been reported. When the substrate has 
a low charge density, the hydrophobic interactions play a much more significant role 
in the flocculation process.57

13.3.2.4  environment-Friendly cationic Polymeric Flocculants
Very little seawater environmental data are available on cationic polymeric flocculants 
(DTCs are discussed later). Due to their large size and water solubility, they would 
be expected to be low in toxicity and bioaccumulation, respectively. However, any 
residual monomers and oligomers in the formulations will increase the toxicity. For 
example, residual cationic monomers will exhibit acute toxicity and residual formal-
dehyde and acrylamide monomer (which could occur in Mannich polymer products) 
are carcinogenic.58 The DADMAC and vinyl polymers are poorly biodegradable, 
which is typical of polymers containing an all-carbon backbone. Polyamides made 
from piperazine derivatives and amines have been claimed as flocculants and may 
be more biodegradable due to the amide linkages although this is not claimed.59 An 
example is the reaction product of N,N′-bis-(methoxycarbonylethyl)-piperazine and 
N,N-bis(3-aminopropyl)-methylamine or diethylenetriamine or higher polyalkyl-
eneamine. The higher cost of the piperazine derivatives, compared with DADMAC 
and certain cationic vinyl monomers, may prohibit their application.

Graft polymers based on polyalkylene glycols grafted with a water-soluble ethylen-
ically unsaturated monomer have been claimed as flocculants.60 With a polyethylene-
glycol backbone, these polymers could exhibit substantial biodegradability depending 
on the degree of grafting. An example is polyethyleneglycol grafted with the cationic 
monomer 2-(acryloyloxy)ethyltrimethylammonium chloride graft polymer. The graft 
polymers should have an average molecular weight of above 100,000 Da.

A class of cationic polymers that should exhibit substantial biodegradability is the 
cationic polysaccharides. No applications of these polymers as flocculants appear 
to have been reported in the oil industry but they are used in onshore wastewater 
treatment and are widely use in the pulp and paper industry. Polysaccharides such as 
starch, glycogen, glucomannan, and xanthan can be derivatized at the OH groups with 
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quaternary molecules such as N-(3-chloro-2-hydroxypropyl) trimethyl ammonium 
chloride or the epoxy equivalent to form cationic polysaccharides (Figure 13.7).61–65 
Alternatively, polysaccharides can be grafted with vinyl cationic monomers.66

Chitosan contains pendant, primary amine groups and behaves as a cationic poly-
mer when acidified due to nitrogen quaternization (Figure 13.8).67 Hydrophobically 
modified chitosan derivatives have been reported to work as improved flocculants 
of oil-in-water emulsions, although their cost may prohibit widespread application.68 
Chitosan is produced commercially by deacetylation of chitin, obtained from the 
exoskeleton of crustaceans (crabs, shrimp, etc.).

13.3.2.5  dithiocarbamates: Pseudocationic Polymeric Flocculants  
with good environmental Properties

A class of flocculants that has advantages over the high molecular weight cationic 
polymers is the DTCs.14,69 These chemicals are made by the reaction between 
 polymeric/oligomeric primary or secondary amines with CS2 and base in aqueous 
or alcoholic solution. They are fairly biodegradable and claimed to have lower acute 
toxicity than the cationic polymers. Being lipophilic, they will not end up in over-
board water. The DTCs are low molecular weight water-soluble anionic polymers 
that form a high molecular weight cationic and lipophilic polymer in situ by com-
plexing with iron(II) (ferrous) ions. The ferrous ions are usually present in sufficient 
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Figure 13.7 The structure of a cationic starch.
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Figure 13.8 The structure of chitosan, fully deacetylated.
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concentration in the produced water, or they can be added.70 A terminating agent for 
increasing water solubility of the polymeric matrix so-formed can be added. The 
terminating agent is selected from the group consisting of nonemulsifying hydro-
tropes containing a sulfonate or sulfate group.71 A simple DTC structure illustrat-
ing how the polymer becomes cationic by complexing with ferrous ions is given in 
Figure 13.9. Since the injected polymers have low molecular weight, they can be 
applied at fairly high concentrations without being too viscous.72

The DTC flocculant technology has been improved over the years. The DTCs can 
be made from any suitable amine, including, but not limited to, bis(hexamethylene)
triamine, hexamethylenediamine pentaethylenehexamine, polyoxyalkylenetriamines, 
aminoethylethanolamine, and blends of primarily triethylenetetraamine and amino-
ethylpiperazine.73 Epoxy-modified DTC flocculants have also been claimed as an 
improvement on earlier DTC flocculants.74 In this patent, the polyamines required 
to react with CS2 are made from bisphenol A epichlorohydrin–based epoxy resins 
reacted with ethylenediamine. The polyamine reaction products have the structure 
shown in Figure 13.10. The dithiocarbamic salts made from these or other polyamines 
also find use as scale or corrosion inhibitors or biocides.75

Materials such as amines, alcohols, aminoalcohols, ethers, and mixtures thereof, 
including halogenated adducts thereof, have been found to be useful floc modifiers for 
water clarifiers to form an effective overall water clarifier composition. An improved 
floc is one that is easily skimmed and does not build up in the system—essentially 
a floc, which is easier to handle. An example of a floc modifier is ethanolamine.76
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Figure 13.9 A simple DTC, cross-linked and cationized with ferrous ion.
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Figure 13.10 Epoxy-modified polyamine precursors for making DTC flocculants. R″ is 
selected from the group consisting of the structure: –R-NH2 and (A), where R is a hydrocarbyl 
group and where R′ is –(CH2)m-O-R-O-(CH2)m–, where n and m independently range from 
1 to 5 and q is 0 or 1.
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13.3.3  AniOniC POlymERS

Anionic polymeric flocculants are needed if particles and oily droplets have a positive 
charge. This can be after an acidizing operation, or after treatment with a primary 
cationic flocculant to promote polymer bridging between droplets and accelerate floc 
formation. The market for anionic polymers is dominated by salts of high molecular 
weight acrylic polymers (Figure 13.11). They are most often acrylic acid copolymers 
with acrylamide that have been neutralized with base. Alternatively, partially hydro-
lyzed polyacrylamide can be used. Unhydrolyzed polyacrylamide can be used if a 
pure, nonionic polymer is required. An acrylamide copolymer in combination with 
an ionic, hydrophilic surfactant is claimed to have superior flocculant properties for 
oil-in-water emulsions.77 Anionic and neutral polyacrylamides with good environ-
mental properties have been used as flocculants in wellbore cleanup operations.78 
Polyacrylamide can be derivatized with phosphorous acid to give a phosphono-
 containing polymeric flocculant.79 When fully deprotonated, the phosphono pendants 
are transformed into phosphonate pendants, each having two negative sites, that is, 
twice the anionic charge per pendant as carboxylated flocculants. These polymers 
ought to function also as scale inhibitors.

Poly-γ-glutamic acid has been investigated as a biodegradable anionic flocculant 
but no reports of its use in the oil industry exist.80 Unlike polyaspartic acid, poly-
γ-glutamic acid can be made biosynthetically in high molecular weights of up to 
2,000,000 Da.81 Phosphate modification of konjac (glucomannan), a polysaccharide, 
gives a biodegradable anionic flocculant.82 Other potentially biodegradable anionic 
flocculants are partially hydrolyzed sodium alginate–grafted polyacrylamide and 
hydrolyzed polyacrylamide–grafted xanthan gum.83–84 Other grafted polysaccha-
rides can be used.
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14 Biocides 

14.1  introduction

Biocides, also called “bactericides” or “antimicrobials,” are used in oil and gas pro-
duction. Their aim is to kill microorganisms, especially bacteria, or interfere with 
their activity. Microorganisms in oilfields or in injection water are generally classi-
fied by their effect. Sulfate-reducing bacteria (SRBs), denitrifying bacteria (hNRB), 
slime-forming bacteria, iron-oxidizing bacteria, and miscellaneous organisms such 
as algae, sulfide-oxidizing bacteria (NR-SOB), yeast and molds, and protozoa can 
be encountered in bodies of water of oilfields to be treated.1 Even carbonate-scale–
forming bacteria have been observed in a Middle East field.2 Bacteria can be found 
in solution (planktonic), as dispersed colonies or immobile deposits (sessile bacteria 
plus their waste products). Bacteria can utilize a wide variety of nitrogen, phospho-
rus, and carbon compounds (such as organic acids) to sustain growth. Nitrogen and 
phosphorus are usually sufficiently present in the formation water to sustain bacte-
rial growth but injection of organic nitrogen- and phosphorus-containing chemicals 
can increase the growth potential.

Bacteria can be aerobic or anaerobic bacteria such as the SRB (desulfovibrio), 
which are present in all waters handled in oilfield operations. SRB convert sulfate 
ions to hydrogen sulfide leading to reservoir souring. Hydrogen sulfide is acidic and 
can in turn cause sulfide scales, most importantly, iron sulfides.3–4 Solid deposits of 
bacterial colonies are called “biofilms” or “biofouling.” The presence of iron sulfide 
or an increase in the water-soluble sulfide concentrations in a flowline is a strong 
indicator for microbially induced corrosion (MIC).5–6 Therefore, it is very important 
to prevent the formation of biofilms on the surfaces of pipelines and vessels and to 
have viable treatment strategies for both planktonic and sessile bacteria numbers. 
The potential for SRB activity is greater in the case of produced water reinjection 
(PWRI). Water that is reinjected can be a mixture of produced water and seawater. 
In such cases, one has a mixture of SRB nutrients including sulfate ions, organic 
carbon, ammoniacal nitrogen, and low temperatures. There are SRB that can survive 
extremes of temperature, pressure, salinity, and pH but their growth is particularly 
favored in the temperature range of 5–80°C (41–176°F).

Bacteria are very small (approximately 1.5 μm3), but have the largest surface area 
to volume ratio of any life form. As a result, by providing interfaces for sorption of 
metal cations, bacteria are efficient scavengers of dilute metals and can concentrate 
them from the surrounding aqueous environment.7 This is mainly due to the overall 
anionic charge of bacterial surfaces imparted by the macromolecules, which make 
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up their fabric. Once metal ions have interacted with the electronegative sites on 
these molecules, they nucleate the formation of fine-grained minerals using anions 
from the external milieu as counterions for additional metal complexation. Diverse 
mineral types, including carbonates and sulfates/sulfides are commonly found in 
oilfield biofilms. Even radioactive uranium salts have been found in biofilms in water 
injectors in the Middle East together with iron sulfide.8

Biocides are used both upstream and downstream of the separator during oil and 
gas production.9 Other upstream uses include drilling and fracturing operations as 
well as well treatments to reduce hydrogen sulfide production and sulfide scales, 
reduce biofouling, and corrosion, and thus improve well productivity.

The greatest oilfield use of biocides is in raw seawater injection projects used 
for pressure support and enhanced oil recovery.9 SRBs present in the seawater, and 
hydrogen sulfide formed by them, can cause significant damage to water injection 
systems by corroding deep pits and holes that can completely penetrate the pipe 
walls. Oxygen must also be removed from the seawater to prevent oxygen corrosion. 
This is done by first passing the seawater through a deaerator tower and then adding 
oxygen scavengers to remove the last traces of oxygen. Upstream of the deaerator, 
the seawater is treated with an oxidizing biocide. This is usually chlorine, generated 
electrochemically from the seawater, and present mainly as the hypochlorite ion at 
pH 8–9. The electrochlorinator controls bacterial growth upstream of the deaerator, 
but surviving bacteria will pass through to contaminate the system downstream. 
In addition, the oxygen scavenger, which is usually a bisulfite salt, will react with 
residual chlorine leaving no biocide in the water. Therefore, a nonoxidizing organic 
biocide is injected, usually in batch doses.10 If the organic biocide is known to cause 
foam problems, it will be injected downstream of the deaerator tower. However, this 
will leave the deaerator uninhibited.

SRBs were once thought to only be able to metabolize organic acids and alcohols 
besides sulfate ions. However, more recent studies have shown that saturated hydro-
carbons and even toluene can be metabolized by some strains of SRB. Hence, the 
degree of SRB production and reservoir souring may be greater than first anticipated 
based on available organic acids/alcohol SRB nutrients. The occurrence of differ-
ent strains of SRB may also mean that not all biocide classes may work against all 
strains of SRB.11–12

There are five basic methods to minimize reservoir souring:

 1. Add a biocide to kill SRB.
 2. Treat the SRB with a biostat (control biocide or metabolic inhibitor) that 

controls SRB growth.
 3. Stimulate the formation of nitrate-reducing sulfide-oxidizing bacteria 

(NR-SOB) by adding nutrients such as nitrate ions. This uses up the carbon-
based nutrients, forms nitrite control biocide, and thereby inhibits SRB 
growth.

 4. Use unsulfated aquifer or desulfated seawater in water injector wells.
 5. Use a H2S scavenger (see chapter on H2S scavengers).
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The concentration of sulfate ions in seawater can be greatly reduced using mem-
brane technology. This will also reduce potential sulfate scaling in the production 
wells. Phosphorus compounds, such as phosphates, are also needed as nutrients for 
SRB growth but are not specifically used by the SRB to generate hydrogen sulfide. 
It has been claimed to remove water-soluble phosphorus compounds from injected 
seawater using membrane technology to minimize SRB growth.13 Each of the one 
or more separation membranes is preferably either a reverse osmosis membrane or a 
nanofiltration membrane.

Ultraviolet radiation is another bactericidal method that has been investigated. 
However, it is not proven that it kills all SRBs, so a secondary chemical bac-
tericidal treatment is needed. Methods 1–4 above are usually carried out at the 
injector wells while H2S scavengers are injected into the production stream either 
downhole or topside. Methods 2 and 3 can be carried out simultaneously using 
nitrate treatment and are, therefore, discussed together under the section on con-
trol biocides.

14.2  chemicals For control oF Bacteria

Chemicals for control of bacteria in oilfield applications can be divided into two 
main classes:

Biocides (oxidizing and nonoxidizing/organic)•	
Biostats (control “biocides” or metabolic inhibitors)•	

Biocides kill bacteria at normal use concentrations. Biostats do not kill bacteria but 
interfere with their activity (metabolism) so that the formation of sulfide species 
is minimized. As will become apparent in this chapter, some combinations of two 
organic biocides can work synergistically, being better than either biocide alone. 
Also, combinations of biocides and biostats can also have advantages over single-
product treatments. In addition, many biocides appear to work best on planktonic 
organisms while fewer biocides are able to reduce sessile populations (biofouling) at 
the same dosage.14

The evaluation of biocides is a detailed process as there are a number of factors 
that can affect the performance besides the concentration of biocide. A rough screen-
ing of biocides can be carried out on planktonic bacteria but it is generally accepted 
that the final selection of biocide must be made from tests on sessile bacteria. Test 
procedures for determining the efficacy of biocides can be done in the laboratory 
for R&D purposes, or in field trials in water systems with monitoring of sessile 
SRB growth (biofouling), sulfide production, microbial corrosion, and iron sul-
fide production. Physical appearance, microorganism count, microscopic analysis, 
pressure fluctuations, and heat transfer are all methods of monitoring SRB growth. 
Epifluorescent microscopy has also been used effectively on field samples of bac-
teria.15 Laboratory tests on biofilm (sessile bacteria) reduction by biocides are most 
often done in loops or rotating biofilm cylinder autoclaves.16–18 Laboratory tests with 
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SRBs are less easy, so other bacteria such as Pseudomonas fluorescens have been 
used instead, often as mixed cultures with SRBs. However, SRBs can grow beneath 
a biofilm in an aerobic environment. It is important to measure reduction in sessile 
populations (biofilms), rather than planktonic organisms.19–20 One laboratory study 
using a biofouling loop showed that once the slug dose of biocide was complete, the 
biofilm population recovered rapidly.21

Oxidizing biocides, such as chlorine/hypochlorite generally require a longer 
residence time (up to 30 min) than organic biocides in order to get a complete 
kill of bacteria. Organic biocides are characterized by high “speed-of-kill” or 
“knockdown” properties, usually requiring relatively high-dosage concentra-
tions, often in the range 400–1000 ppm.22 Organic biocides are usually added to 
the water-injection system as slug doses, that is, addition in one portion or shot 
over a relatively short period of time by measured delivery. Typically, the organic 
biocide is added once every few days for a few hours at a time. High population 
levels of biofilm bacteria are quickly reduced by application of the biocide. As 
soon as the biocide addition is completed, however, the bacteria in the biofilm 
commence a period of regrowth. The biofilm bacteria can quickly repopulate to 
levels equal to those present before the biocide slug dose was added. It is dur-
ing the growth period that the bacteria are most active and can cause the most 
damage. Oxidizing biocides such as chlorine/hypochlorite are not added by the 
method described.

In many injector wells, MIC has occurred despite the application of biocides 
into the affected system. Besides a possible ineffectual biocide, another reason for 
increased MIC is that the application of the chemical is such that it is not contacting 
the target bacteria with sufficient concentration, retention time, and/or frequency to 
achieve a kill.23 Another study has shown that some water-treatment additives are 
actually nutrients promoting bacterial growth and should therefore be investigated 
prior to chemical selection.24 Another and more common reason for MIC is due to 
underdosing of the biocide.

Biostats inhibit further growth of a microorganism without killing it. As long as 
the microorganism is exposed to the biostatic agent, the microorganism will not be 
able to proliferate. However, once the microorganism is not exposed to the biostatic 
material, it will be able to proliferate. Biostats for the oil and gas industry are very 
effective in preventing the formation of hydrogen sulfide by maintaining a low level 
of SRB and inhibiting their metabolic activity. They are added at much lower con-
centrations (2–10 ppm) than the organic biocide. Some organic biocides also func-
tion as biostats but not all biostats are biocides. Typically an organic biocide may be 
dosed in periodic slugs with a low, continuous, or slug dose of a biostat. Test methods 
for biocides and biostats have been compared.25

14.3  Biocides

There are two classes of biocides:

oxidizing biocides•	
nonoxidizing organic biocides•	
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The primary means of treating water-injection systems is usually with an oxidizing 
biocide and the secondary means with a nonoxidizing organic biocide. Chlorine/
hypochlorite is generally used as the oxidizing biocide for seawater lift systems. This 
and other oxidizing biocides are discussed in the next section.

14.3.1  Oxidizing BiOCidES

Oxidizing biocides cause irreversible oxidation/hydrolysis of protein groups in the 
microorganism and in the polysaccharides that bind the microorganisms to the sur-
faces of the equipment. The result of this process is a loss of normal enzyme activ-
ity and cell death. Thus, oxidizing biocides will work against all strains of SRB, 
whereas some SRB may be resistant to some nonoxidizing organic biocides.

A summary of oxidizing biocides is as follows:

 1. Electrochemically generated chlorine/hypochlorite (and bromine/hypobromite)
 2. Hypochlorite and hypobromite salts
 3. Stabilized bromine chloride
 4. Hydroxyl radicals
 5. Chloramines
 6. Chlorine dioxide
 7. Chloroisocyanurates
 8. Halogen-containing hydantoins
 9. Hydrogen peroxide and peracetic acid

A review of the factors to consider when applying oxidizing biocides in the field 
has been published.26 Only chlorine/hypochlorite is commonly deployed in the oil-
producing industry, primarily for water-injection systems.

Chlorine gas and bromine liquid are toxic, corrosive, and difficult to handle. 
However, chlorine is easily generated on site by electrolytic oxidation of the chloride 
ions in seawater using a DC current:27

 2Cl− → Cl2 + 2e− (anode reaction)

At the same time, a reduction of H+ ions to hydrogen (H2) gas takes place at the cath-
ode, resulting in a more alkaline (basic) solution being produced. The chlorine reacts 
with water to produce hypochlorous acid and hydrochloric acids:

 Cl2 + H2O → HOCl + HCl

However, since the seawater is now alkaline, the acids react with hydroxide ions. 
Thus, hypochlorite ions (OCl−) are produced, which are also biocidal:

 OH− + HOCl → OCl− + H2O

Hypochlorous acid is a more powerful biocide than hypochlorite ions, and their 
mode of action in causing oxidative protein unfolding in vitro has been reported.28 
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Therefore, the efficiency of the treatment increases as the pH decreases, particularly 
below pH 6. In practice, at typical pH values of 8–9, there is little free hypochlorous 
acid in solution so the performance is not optimal. However, seawater also contains 
bromide ions, which will be oxidized by the chlorine to bromine, which reacts fur-
ther to form hypobromite ions. The hypobromite ion is a much more powerful oxi-
dizing biocide than hypochlorite. Thus, the hypobromite ions may also be making 
a significant contribution to preventing bacterial growth. A problem with the use of 
electrochlorination is that the generated chlorine will react with any organic material 
in the water, reducing the concentration available for bacterial control. Chlorination 
downstream of the deaerator has occasionally been used as the secondary means of 
bacterial control, rather than using a nonoxidizing biocide. However, chlorine is cor-
rosive to steels and will remove bisulfite oxygen scavengers from the water, which is 
needed to prevent oxygen corrosion.

Hydroxyl radicals (OH×) are powerful biocides. On-site electrocatalytic hydroxyl 
radical generation could also be used for bacterial control but is currently not used 
in the oil industry.

Commercial alkaline solutions of sodium hypochlorite (NaOCl) or solid calcium 
hypochlorite (bleaching powder) could also be used as oxidizing biocides. However, 
the use of these salts in seawater injection systems has logistic and storage-tank 
limitations as well as high associated transportation costs. They are mostly used in 
closed or semiclosed water systems. Stable hypobromite or bromine compositions 
superior to hypochlorite salts have been claimed.29

Bromine chloride (BrCl) has the same disadvantages as the hypochlorite salts 
but has been made easier to handle by stabilizing it with sulfamate salts. It effec-
tively gives a dose of the powerful biocide hypobromous acid, HOBr, at near-neutral 
pH.30–32 Addition of C8–14 alkylamines as synergists to these blends is claimed to 
improve the biocidal performance further.33 Alkylamines by themselves are fairly 
poor nonoxidizing biocides.34

A source of high-valence chlorine can be found in the chloramines (N–Cl bonds). 
Chloramines are used in the papermaking industry as superior biocides to the 
hypochlorites, but they are difficult to handle. However, methods whereby chlor-
amines are generated in situ, for example, from ammonium bromide activated with 
sodium hypochlorite, have been claimed.35–37 This method does not appear to have 
been tried in the oil industry yet.

Chlorine dioxide (ClO2) as chlorite ions (ClO2
−, ClO2 is an explosive gas in air but 

only at high concentrations) is usually classified as an oxidizing biocide, although its 
kill mechanism is not oxidation. It is more effective at a higher pH, in nitrogen, or in 
organic-contaminated systems than chlorine. Chlorine dioxide can be generated on site 
using chlorite and an acid.38 The problem in stabilizing chlorite solutions to give a high 
active dose of chlorine dioxide has been overcome by using an aqueous solution of a 
chlorite (e.g., sodium chlorite), a chlorine-generating agent (e.g., sodium hypochlorite), 
and a base (e.g., sodium hydroxide).39 Chlorine dioxide solutions are corrosive. Injection 
of sodium dichromate can provide some corrosion inhibition. Less toxic corrosion 
inhibitors, such as a blend of glycol, acetic acid, a fatty imidazoline, and an ethoxylated 
fatty diamine, have been investigated but have very limited performance.40
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1-Bromo-3-chloro-5,5-dimethylhydantoin (BCDMH, Figure 14.1) is a solid and 
an excellent source of both chlorine and bromine, as it reacts slowly with water-
releasing hypochlorous acid and hypobromous acid. It is more active than sodium 
hypochlorite, at the same dosage, on biofilms and is less corrosive.17 Dichloro- and 
dibromo-hydantoins have also been used as oxidizing biocides. The hydantoins are 
widely used as biocides in a variety of industries. Pumpable, liquid BCDMH prod-
ucts have been developed.20,41–42

Chloroisocyanurates are easily handled powdered compounds, which hydrolyze 
in water to slowly release chlorine and cyanuric acid. Sodium dichloroisocyanuric 
acid is an example in this class (Figure 14.2). However, this class suffers all the 
drawbacks of the other chlorine-containing products in pH effectiveness ranges and 
potential corrosion problems.

14.3.2  nOnOxidizing ORgAniC BiOCidES

In general, the nonoxidizing organic biocides function primarily by altering the per-
meability of the cell walls of the microorganisms and interfering with their biologi-
cal processes. Nonoxidizing organic biocides are less prone to cause corrosion than 
oxidizing biocides: in fact, some can inhibit corrosion. They include the following:

 1. aldehydes
 2. quaternary phosphonium compounds
 3. quaternary ammonium surfactants
 4. cationic polymers
 5. organic bromides
 6. metronidazole
 7. isothiazolones (isothiazolinones) and thiones
 8. organic thiocyanates
 9. phenolics
 10. alkylamines, diamines, and triamines
 11. dithiocarbamates
 12. 2-(decylthio)ethanamine (DTEA) and its hydrochloride
 13. triazine derivatives

N N
BrCl

O

O
CH3

H3C

Figure 14.1 1-Bromo-3-chloro-5,5-
dimethylhydantoin.

N

N

N

ONa

OO

Cl

Cl

Figure 14.2 Sodium dichloroiso-
cyanuric acid.
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 14. oxazolidines
 15. other specific surfactant classes

Only some appear to have been used in oilfield applications mainly due their low 
cost or environmental acceptability, others have, for example, been used in closed-
loop water systems or cooling towers. The most common nonoxidizing organic 
biocides in the oil industry are glutaraldehyde (glut) and tetrakis-hydroxymethyl-
phosphonium (THPS), with smaller amounts of formaldehyde and acrolein being 
used (the latter two aldehydes are suspected carcinogens). These biocides are some-
times used in combination with quaternary ammonium surfactants and other syner-
gists. These and several other classes of organic biocides will be discussed in the 
next sections.

14.3.2.1  aldehydes
Aldehyde biocides include (Figure 14.3):

C3–C7 alkanedials, especially glutaraldehyde (1,5-pentanedial)•	
formaldehyde•	
acrolein•	
ortho•	 -Phthalaldehyde

A potential advantage with using aldehydes to kill SRB populations is that they are 
also H2S scavengers (see Chapter 15). By tonnage, glutaraldehyde (1,5-pentanedial) 
is, by far, the most commonly used oilfield nonoxidizing biocide.43 The kill mechanism 
is by cross-linking outer proteins of cells and preventing cell permeability. If not 
stored properly, glutaraldehyde is unstable on storage. In one laboratory study, the 
use of glutaraldehyde alone led to decreased bacterial populations, decreased meta-
bolic activity, and some decrease in biofilm accumulation, although this was dosage 
dependent.19,44 Glutaraldehyde is often combined with other surface-active agents 

HOO

H H H O

O

H

O

O

H

H

Figure 14.3 Glutaraldehyde (top left), formaldehyde (top right), acrolein (bottom left), 
and ortho-phthalaldehyde (bottom right).
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and biocides such as quaternary ammonium or phosphonium compounds so as to 
increase the speed with which it kills bacteria and to reduce the dosage of glutar-
aldehyde, which by itself would be quite high. Blending also reduces the necessary 
contact time. Glutaraldehyde has also been shown to work synergistically with meth-
ylene bis(thiocyanate).45 Glutaraldehyde is pH-sensitive: it works well in neutral to 
alkaline water, that is, it may be effective for injection waters but less effective for 
produced water treatments.

Formaldehyde is another low-cost aldehyde that has been documented as being 
effective in killing sessile microorganisms in established biofilms.46 One study showed 
that more biocide was needed in the field than in the laboratory study.47 However, 
the European Union decided, in 2007, to ban formaldehyde use throughout Europe 
due to its carcinogenic properties. Formaldehyde is classified as a probable human 
carcinogen by the U.S. Environmental Protection Agency (EPA). Polyoxymethylene 
polymers have been shown to offer significant advantages over aqueous formalde-
hyde solutions and solid paraformaldehyde as sources of biocidal formaldehyde. 
Polyoxymethylenes are water-insoluble materials, wherein the decomposition rate 
to formaldehyde can be controlled through the use of pH, temperature, and cer-
tain decomposition catalysts.48 Ethyleneglycol hemiformals are also formaldehyde-
releasing compounds.

Acrolein (2-propenal) enables a threefold approach to oilfield problems stemming 
from SRB activity. Firstly, it is an effective biocide, secondly, like the other small 
aldehydes, it scavenges H2S, and, thirdly, it dissolves iron sulfide.49–51 However, it 
should be noted that acrolein has high acute toxicity and is a suspected carcinogen, 
so it needs to be handled carefully.

ortho-Phthalaldehyde has been proposed as an improvement on glutaraldehyde as 
it can remove sessile populations at lower doses with less contact time.52

14.3.2.2  Quaternary Phosphonium compounds
Salts of the THPS ion have been shown to be excellent nonoxidizing, nonfoaming 
biocides, and are now widely used in the oil and gas industry.53–55 These phospho-
nium salts kill bacteria by a number of mechanisms, but mainly by cross-linking of 
proteins, which leads to collapse of cell membranes (cell lysis). It is usually sold as 
the sulfate salt THPS, which has a good environmental profile and does not adsorb 
significantly on reservoir rock (Figure 14.4). THPS has a wide application as it 
appears to kill all types of anaerobic strains of SRB at pH 3–10. According to the 
manufacturers, once discharged from a treated system, THPS loses its antimicrobial 
properties almost immediately and degrades to a nontoxic substance, tris-hydroxy-
methyl phosphine oxide. Under certain conditions, THPS is a corrosion aggravator, 

HOH2C

P+

CH2OH

HOH2C CH2OH

SO4
2–

2

Figure 14.4 Tetrakis-hydroxymethylphosphonium sulfate.
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under others, it is an effective inhibitor. Thus, sometimes, a film-forming corrosion 
inhibitor needs to be injected also.56 THPS also works synergistically with a range of 
surfactants to kill biofilms.57 New-generation higher performing THPS formulations 
that do not contain surfactants have been reported.58 These new formulations also 
minimize the risk of calcium or barium/strontium sulfate scaling, which might be 
induced by standard THPS formulations. THPS also works synergistically as a bio-
cide with certain aldehydes such as formaldehyde.59

THPS is conventionally supplied as a liquid-based product, but solid forms 
adsorbed on adipic acid can be made, but are not currently commercially available. 
THPS adsorbed onto silica is used in fracturing fluids. Like many biocides, liquid-
based phosphonium compounds such as THPS react or interfere with the perfor-
mance of commonly used oxygen scavengers, for example, sulfite-based scavengers 
and erythorbic acid, with the result being that complete deaeration of systems is 
difficult to achieve. A way around this has been patented, whereby a phosphonium 
compound is embedded in a matrix substrate wherein the phosphonium compound 
is selected from the group consisting of tris-hydroxyorganophosphine (THP), a 
THP+ salt (tetrakis-hydroxyorganophosphonium salt) or a condensate of THP and a 
 nitrogen-containing compound, most preferably urea.60

THPS has also been shown to remove iron sulfide scale both downhole and top-
side when coinjected with an ammonium salt.61–62 In many fields, sufficient ammo-
nium ions exist in the produced waters to give the desired effect. The iron ends up 
being chelated to a nitrogen-phosphorus ligand, giving the water a red color.63 In 
one field, use of THPS with a surfactant killed the SRB, removed iron sulfide scale, 
and, surprisingly, increased well production in several wells by as much as 300%.64 
Removing particulate iron sulfide from produced fluids also facilitates demulsifica-
tion processes.

The biocidal activity of THPS can be synergistically enhanced by using it in 
conjunction with wetting agents (various classes of surfactants), hydrotropes (mutual 
solvents), or biopenetrants such as poly[oxyethylene(dimethyliminio)ethylene 
(dimethyl iminio)ethylene dichloride].65–66

Another synergist blend comprises an anionic scale inhibitor such as a mixture 
of 1-hydroxyethane-1,1-diphosphonic acid and diethylenetriaminepenta(methyle
nephosphonic acid) blended with a cationically charged biocide such as THPS or 
poly(oxyethylene(dimethyliminio)ethylene(dimethyliminio)ethylene dichloride).67

Reaction products of acrylic acid and THPS salts have been shown to perform 
well as biocides and also dissolve iron sulfide but they are not currently commer-
cially available (Figure 14.5).68

O

O C CH2 CH2 P+ (CH2OH)4–n
n

b

Xb–Mnb/c

Figure 14.5 Reaction products of acrylic acid and tetrakis-hydroxymethylphosphonium 
salts.
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A new quaternary phosphonium biocide surfactant based on tributyl tetradecyl 
phosphonium chloride (TTPC) has been reported.69 Laboratory and field data have 
shown that TTPC is effective at low concentrations, is fast-acting, and is effective 
against both acid-producing and sulfate-reducing bacteria. It has outperformed both 
glutaraldehyde and THPS in comparative biocidal tests. TTPC is compatible with 
oxidizing biocides, hydrogen sulfide, and oxygen scavengers and has excellent ther-
mal stability. However, unlike THPS, TTPC can cause some low foaming, adsorbs 
onto surfaces, cannot be easily deactivated, and will not dissolve iron sulfide scale.

14.3.2.3  Quaternary ammonium compounds
Quaternary ammonium surfactants (quats) biocides are very surface-active and 
because of this property, they are sometimes used in blends with other biocides to 
improve the performance. The most common “quats” in this class are long chain 
n-alkyldimethylbenzylammonium chlorides where the alkyl group is 12 carbons or 
more (Figure 14.6). The quaternary salts are generally most effective against algae 
and bacteria in alkaline pH ranges but lose their activity in systems fouled with 
dirt, oil, and other debris. Low concentrations (< 250 ppm) of the alkyldimethylben-
zylammonium surfactants have been shown to reduce the growth of numerous bac-
terial strains, including the SRBs. The kill mechanism is due to the cationic nature, 
whereby an electrostatic bond is formed with the cell wall, which affects perme-
ability and protein denaturing. Used alone, quat biocides can take up to 10 min to 
kill bacteria. The use of a cellular membrane disruptor, such as ascorbic acid or 
glycolic acid, to improve the kill rate has been proposed for bactericide applica-
tions outside the oil industry.70 As the quats are surfactants, they have film-forming 
corrosion-inhibiting properties. The quats are often formulated with amines such as 
cocodiamine. Quaternary ammonium surfactants are often foamers, but nonfoaming 
quaternary biocidal surfactants have been discovered.71

Nonpolymeric quaternary ammonium polyhalides such as N,N-dimethyl-N-ethyl-
N-propylammonium tribromide have also been shown to behave as biocides. The tri-
bromide ion is a source of bromine, so they may really be oxidizing biocides.72 Other 
cationic biocides include long chain alkylguanidinium salts and 1-(3-chloroallyl)-
3,5,7-triaza-1-azoniaadamantane (Figure 14.7).

14.3.2.4  cationic Polymers
A composition useful as a biodegradable corrosion inhibitor and a biocide has been 
reported comprising a polymeric quaternary ammonium salt prepared by a reaction 
of a polyepihalohydrin with a tertiary amine.73

N+

CH3

H3C
Cl–

Figure 14.6 A typical n-alkyldimethylbenzylammonium chloride surfactant biocide.
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Another class of cationic polymeric biocides are the biguanides, for example, 
poly(hexamethylene)biguanide hydrochloride (Figure 14.8). They are very short poly-
mers or oligomers and have been mainly used as disinfectants.74–75

Quaternary ammonium polymers made from epichlorohydrin, diamines, and 
tertiary have been proposed not only as nonsurfactant biopenetrant biocides but also 
as corrosion inhibitors.76 Related quaternary polymers such as poly[oxyethylene-
(dimethyliminio)ethylene (dimethyliminio)ethylene dichloride] are also used as bio-
cides. This copolymer is made from NNN′N′-tetramethyl-1,2-diamino ethane with 
bis(2-chloroethyl) ether. Poly[oxyethylene(dimethyliminio)ethylene(dimethyliminio)
ethylene dichloride] blended with an anionic scale inhibitor such as a mixture of 
1-hydroxyethane-1,1-diphosphonic acid and diethylenetriaminepenta(methylene-
phosphonic acid) has been claimed as a superior biocide.67

14.3.2.5  organic Bromides
The most common organic bromide biocides are 2-bromo-2-nitropropanediol (BNPD), 
2,2-dibromo-3-nitrilopropionamide (DBNPA), and 1-bromo-1-(bromomethyl)-1,3-
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Figure 14.9 2-Bromo-2-nitropropanediol (left), 2,2-dibromo-3-nitrilopropionamide (middle), 
and 1-bromo-1-(bromomethyl)-1,3-propanedicarbonitrile (right).
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Figure 14.7 1-(3-Chloroallyl)-3,5,7-triaza-1-azoniaadamantane.

N+ (CH2)8 (CH2)8

HN

H2N

N

H2N NH

N+ H

NH

HH

H

n

H2N

Figure 14.8 Poly(hexamethylene)biguanide hydrochloride (n = 1–3).
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propanedicarbonitrile (Figure 14.9). 2,2-Dibromo-2-nitroethanol is also a useful 
biocide. BNPD was invented in the sixties and has been used as a biocide in oilfield 
operations.77–78 DBNPA is pH-sensitive, quickly hydrolyzing under both acid and 
alkaline conditions. It is preferred for its instability in water as it quickly kills and 
then quickly degrades to ammonia and bromide ions. Methods to get around its low 
water solubility have been proposed.79 DBNPA is proposed to act synergistically 
with a number of oxidizing (e.g., hypochlorite) and nonoxidizing biocides.80

14.3.2.6  metronidazole
Metronidazole is an imidazole derivative with additional weak corrosion-inhibit-
ing properties (Figure 14.10). Metronidazole is selectively taken up by anaerobic 
bacteria. The nitro group of metronidazole is chemically reduced by ferredoxin 
(or ferredoxin-linked metabolic process) and the products are responsible for dis-
rupting the DNA helical structure, thus inhibiting nucleic acid synthesis. It has 
been shown to be effective in controlling biogenic sulfide production in oilfield 
water injectors.81

A more surface-active biocide was made by derivatizing metronidazole to make 
a quaternary surfactant. This molecule also had good corrosion inhibition properties 
(see Chapter 8 on corrosion control for the structure).82

14.3.2.7  isothiazolones (or isothiazolinones) and thiones
Products in this class are chloro-2-methyl-4-isothiazolin-3-one, 5- and 2-methyl-4-
 isothiazolin-3-one, and 4,5-dichloro-2-(n-octyl)-4-isothiazolin-3-one (Figure 14.11).83 
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Figure 14.10 Metronidazole.
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Figure 14.11 Common isothiazolone biocides.

© 2009 by Taylor and Francis Group, LLC

  



348 Production Chemicals for the Oil and Gas Industry

Less water-soluble benzisothiazolones are also commercially available. The isothi-
azolones are broad-spectrum antimicrobials with good biodegradability, effective 
against sessile organisms (biofilms).14,84 Isothiazolones kill by inhibiting microbial 
respiration and food transport through the cell wall.

Although isothiazolones may be used as biocides, their effectiveness is reduced 
by hydrogen sulfide formed by the existing SRB. Isothiazolones are however very 
effective biostats in preventing the formation of hydrogen sulfide by maintaining a 
low level of SRB and inhibiting their metabolic activity. Hence, they are best used in 
combination with other organic biocides.85 For example, one method of reducing ses-
sile SRB comprises adding periodic slug doses of an alkanedial such as glutaralde-
hyde as biocide, together with a continuous dose of an isothiazolone as biostat.86–87 
An improvement on this method is to use a slug dose of a biologically effective 
amount of a biocide simultaneously with or followed by intermittent addition of a 
biologically effective amount of a biostat such as an isothiazolone.88 An improved 
isothiazolone-based composition contains 3-iodo-2-propynyl-N-butylcarbamate as 
a second biocidal agent.89 Another patent claims the use of zinc salts to enhance 
the performance of isothiazolinone biocides.90 The antimicrobial composition can 
also contain cobiocides, such as pyrithiones, including zinc pyrithione or copper 
pyrithione. Six-ring thiones are also useful oilfield biocides. A preferred thione is 
3,5-dimethyl-l,3,5-thiadiazinane-2-thione (Figure 14.12).91 Isothiazolones are not in 
current use in oilfield production applications due to their limited performance as 
biocides and the availability of other more cost-effective treatments.

14.3.2.8  organic thiocyanates
The only product in this class that has been widely used is methylene bis(thiocyanate) 
(Figure 14.13). Methylene bis(thiocyanate) suffers from rapid decomposition above 
approximately pH 8.0, eventually releasing toxic hydrogen cyanide. It is relatively 
expensive and generally requires a dispersant to obtain effective penetration of 
the biocide into the biofouling. It needs to be added at a fairly high concentration 
if used by itself. At low concentrations, methylene-bis(thiocyanate) tends to have 
a narrow antimicrobial spectrum and fails to completely prevent the growth of 
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Figure 14.13 Methylene bis(thiocyanate).
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Figure 14.12 3,5-Dimethyl-l,3,5-thiadiazinane-2-thione.
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microorganisms. It has been shown to work synergistically with several other bio-
cides such as glutaralde hyde, DTEA, and organic bromides.92–93 The kill mechanism 
is to block the transfer of electrons in the microorganism, preventing oxidation/reduc-
tion mechanisms.

14.3.2.9  Phenolics
An example of a phenolic biocide is sodium pentachlorophenate. Although they are 
low-cost and powerful biocides, this class has been withdrawn from most markets 
because of environmental concerns. Parabens such as 4-hydroxybenzoic acid are 
also phenolic-type biocides but do not appear to be have been used widely in the 
oil and gas industry. Sodium phenyl phenate, ortho-phenyl phenol, and dichloro-m-
xylenol are also sold as industrial biocides.

14.3.2.10  alkylamines, diamines, and tramines
Cocodiamine surfactant has long been used as a biocide in the oil industry 
(Figure 14.14).49,94 Triamines such as N,N-bis(3-aminopropyl)dodecylamine or bis(3-
aminopropyl)octylamine have also been shown to act as biocides.95 These amine-based 
surfactant molecules probably also exhibit some corrosion inhibition properties.

Nonsurfactant tertiary amine acrylamide monomers such as dimethylamino-
propylmethacrylamide or dimethylaminopropylacrylamide have been shown to 
inhibit microbiological growth (Figure 14.15). In the presence of corrosion inhibi-
tors, it is found that these biocides will permit attainment of 100% biocidal kill when 
present in lesser amounts than are required when no corrosion inhibitor is present. 
They also improve the corrosion inhibition.96

14.3.2.11  dithiocarbamates
An example of a dithiocarbamate biocide is disodium ethylene-1,2-bisdithiocarba-
mate (Figure 14.16). They are used more in the paper industry, sometimes in blends 
with aldehydes.97
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Figure 14.14 Cocodiamine.
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Figure 14.15 Dimethylaminopropylmethacrylamide (R = CH3) or dimethylaminopropyl-
acrylamide (R = H).
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14.3.2.12  2-(decylthio)ethanamine and its hydrochloride
At low pH, DTEA exists as the hydrochloride and as the free amine at high pH 
(Figure 14.17). Both the amine and the hydrochloride have been shown to have bio-
cidal properties. The hydrochloride is a quaternary surfactant and has been shown 
to have additional corrosion inhibition properties. The use of glutaraldehyde in com-
bination with DTEA is recommended and is in use today in some oilfields in the 
United States.98–99 2-(Decylthio)ethanamine hydrochloride has been shown to work 
synergistically with methylene bis(thiocyanate).100

14.3.2.13  triazine derivatives
Certain triazine derivatives have been shown to have antimicrobial properties. 
Examples are sulfur-containing triazines and 2-(tert-butylamino)-4-chloro-6-
(ethylamino)-S-triazine (Figure 14.18). Some triazine chemicals that are used as 
H2S scavengers are also commercially available as biocides101–102 (see Chapter 15 
for details).

14.3.2.14  oxazolidines
Oxazolidines, such as 7-ethyl bicyclooxazolidine, 4,4-dimethyloxazolidine, and meth-
ylene bis-oxazolidine, as well as some halooxazolidinones, are broad-spectrum com-
mercial biocides (Figure 14.19).103
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Figure 14.16 Disodium ethylene-1,2-bisdithiocarbamate.
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Figure 14.17 2-(Decylthio)ethanamine hydrochloride.
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Figure 14.18 2-(tert-Butylamino)-4-chloro-6-(ethylamino)-S-triazine.
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14.3.2.15  specific surfactant classes
Alkylaminomethylenephosphonic acid amphiphilic compounds having the general 
formula R′R2NCH2P(O)(OH)2, such as octylaminomethylenephosphonic acid, have 
been claimed as biocides. It is possible that hydrophobically modified phosphonate 
scale inhibitors with several phosphonate groups might also show biocidal properties 
but this was not claimed.104 Sulfamic acid surfactants such as dodecyl sulfamic acid 
have also been claimed by the same group as biocides.105

14.4  Biostats (control “Biocides”  
or metaBolic inhiBitors)

Biostats do not necessarily kill bacteria but interfere with their metabolic processes, 
controlling their growth. As discussed in the section on organic biocides, isothiazo-
lones are one class of biostats, preventing the formation of iron sulfide scale (via 
hydrogen sulfide) by maintaining a low level of SRB and inhibiting their metabolic 
activity. Metabolic inhibitors deprive SRB of the ability to produce ATP, and as 
a result, cells are unable to grow and/or divide. This inability to grow or divide 
may eventually cause the death of some of the SRB; however, the cell death is not 
a direct result of exposure to the metabolic inhibitors as it would be for biocides. 
Alkylbenzyldimethylammonium salts are also a commercially significant class of 
biostats. A combination of biocide and biostat has been shown in laboratory stud-
ies to inhibit biogenic sulfide production at significantly lower concentrations than 
would be required if the biocide or biostat was used alone.106

Examples of biostats that are not biocides are discussed in this section. They 
include:

anthraquinone•	
azide ions•	
nitrite and nitrate ions•	
molybdate or tungstate ions•	
selenate ions•	

14.4.1  AnthRAquinOnE AS COntROl BiOCidE

Anthraquinone has been used as a biostat in a number of projects since the late 
nineties (Figure 14.20). Anthraquinone is not water-soluble, but 9,10-anthracenediol 
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Figure 14.19 7-Ethyl bicyclooxazolidine (left), 4,4-dimethyloxazolidine (middle), and 
methylene bis-oxazolidine (right).
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disodium salt is water-soluble and works as if it were anthraquinone.107 Anthraqui-
nones have been shown to inhibit sulfate respiration in SRBs effectively shutting 
down the  sulfide-producing mechanism but having little effect on other classes of 
bacteria.108–109 One water injection program managed to eliminate continuous injec-
tion of a quaternary biocide with slug doses of the easier-to-handle anthraquinone 
product. Slug doses of synergistic acrolein biocide were used in addition.110–111 Batch 
treatment of anthraquinone together with THPS biocide has also been shown to be 
effective in stopping biogenic sulfide production in produced water tanks in slop-
handling systems.112–113

14.4.2  nitRAtE And nitRitE tREAtmEnt

Nitrite (NO3
−) and nitrate ions (NO2

−) as found in calcium or sodium nitrate/nitrite 
salts are cheap, easy to handle, environment-friendly inorganic chemicals, and 
becoming more and more used in the oil industry to inhibit SRB. The corrosion con-
sequences of using nitrate or nitrite in oilfield brines have been reviewed.114

Nitrite directly inhibits sulfate reduction by SRB because it is reduced more slowly 
than sulfite by the final enzyme in the sulfate reduction pathway, dissimilatory sulfite 
reductase. Thus, addition of nitrite ions to produced water or seawater injection sys-
tems can control biogenic sulfide formation if present in high-enough concentra-
tion (depending on pH, nitrite, but not nitrate, ions also react directly with any H2S 
already present to form sulfur and reduced nitrogen compounds). In one field study, 
pulses of nitrite were more effective than the same amount of nitrite added continu-
ously. Nitrite was more effective at inhibiting souring than was glutaraldehyde, and 
SRB recovery was delayed longer with nitrite than with glutaraldehyde.115 Nitrite 
injection has also been used successfully in producer wells to scavenge H2S and 
prevent SRB activity.116 In one case, oil production increased immediately following 
the treatment, probably due to the dissolution of precipitated iron sulfides in the zone 
surrounding the wellbore.117

There exist nitrate-reducing and sulfide-oxidizing bacteria (hNRB and NR-SOB) 
in most oilfields that can reduce nitrate ions to nitrite ions.118–119 Thus, the upstream 
petroleum industry has introduced a nitrate-based microbial treatment technol-
ogy, useful for both the prevention and removal of biogenic sulfide from reservoirs, 
produced water, surface facilities, pipelines, and gas-storage reservoirs, as well as 

O

O

Figure 14.20 Anthraquinone.
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increasing oil recovery. This reservoir treatment technology works by replacing 
SRB with a naturally occurring suite of beneficial microorganisms enhanced by the 
introduction of an inorganic nitrate-based formulation.120 If the reservoir is a poor 
source of carbon for SRB (low in small organic acids), injection of nitrate ions will 
stimulate growth of “hardier” denitrifying bacteria (nutrient augmentation), thereby, 
dominating the system and inhibiting the growth of SRB. Production of nitrite and 
sometimes nitrous oxide (NO) from nitrate ions by the hNRB and NR-SOB will also 
directly inhibit SRB growth by acting as toxins. In addition, hNRB and NR-SOB 
may produce compounds that raise the oxidation-reduction potential of the environ-
ment to a level that is inhibitory to the growth of SRB.121–129

Calcium or sodium nitrate are environment-friendly and complement the natu-
rally occurring organic acids in the reservoir, selectively stimulating and increas-
ing the targeted nitrate-reducing bacteria. Many North American gas fields have 
been treated successfully this way and several fields in the North Sea have already 
successfully used this treatment strategy for reducing, but not totally eliminating, 
reservoir souring, both by reactive and proactive strategies. It is a simple method for 
preventing biogenic sulfide formation, which can mostly eliminate the use of organic 
biocides.130–134

For the reasons discussed above, the use of a mixture of nitrate and nitrite 
ions may perform superior to a simple nitrate treatment.135 One study showed that 
nitrite treatment alone may be preferable in reservoirs with only SRB present.136 
In addition, the use of a molybdenum compound (molybdate) may also enhance 
the treatment effect. Molybdenum is a known enzymatic inhibitor of the hydro-
genase enzyme found in SRB.137 It should be noted that nitrate/nitrite treatment 
may not totally eliminate the use of biocides if they are injected very late in the 
system. For example, a deepwater field offshore Nigeria that has been treated with 
calcium nitrate still uses a biocide (THPS) to prevent biofilms in the injection 
facilities.138–139 A potentially large advantageous side effect of using nitrate-based 
water injection treatments is microbial-enhanced oil recovery (MEOR). Formation 
of NR-SOB biofilms in the reservoir may help to release more oil from the rock 
surface, which can then migrate to the producer wells. The use of nitrate, together 
with other nutrients such as vitamins and phosphate, has been suggested as an 
MEOR improvement.140

Instead of relying on indigenous bacteria, injection of non-SRB bacteria with 
nutrients such as nitrate ions has also been carried out, eliminating, in one case, the 
use of hazardous acrolein biocide.141 A novel class of bacteria that oxidize sulfide as 
well as oil organics with nitrate has been reported.142 There is still a lot to learn about 
nitrite/nitrate treatments, such as the relative effectiveness of nitrate versus nitrite 
ions and determining which of the several mechanisms of reducing biogenic sulfide 
production is dominant.

14.4.3  OthER BiOStAtS

Azide salts such as sodium azide (NaN3) have long been known as biostats and have 
been suggested for use in preventing biofouling of wells.143 Sodium azide acts as a 
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biostat by inhibiting cytochrome oxidase in gram-negative bacteria. Its effect on 
SRB has not been reported.

Other more expensive biostats that inhibit SRB growth include selenate and some 
transition metal oxyanions such as vanadate, molybdate, permanganate, and tung-
state ions.144–146 Molybdate ions are also useful in some corrosion inhibitor blends. 
The metal oxyanion SRB inhibitors are used to deplete ATP pools in the SRB, 
thereby, resulting in the death of the SRB.

14.5  summary

In summary, the use of biocides and biostats are the two most common methods 
of preventing biogenic sulfide formation (reservoir souring) and MIC. If produced, 
toxic hydrogen sulfide (H2S) can be converted to benign chemicals using hydrogen 
sulfide scavengers, which are discussed in Chapter 15.
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15 Hydrogen Sulfide 
Scavengers

15.1  introduction

Hydrogen sulfide (H2S) is a very toxic and pungent gas that causes problems in both 
the upstream and downstream oil and gas industry. Exposure to this gas even at 
fairly low concentrations can cause serious injury or death. Natural gas for sale often 
requires the concentration of H2S to be below about 4 ppm. H2S is often accompa-
nied by smaller amounts of mercaptans (RSH or R2S) such as methyl mercaptan 
CH3SH, aromatic sulfide species, polysulfides, and carbonyl sulfide (COS).

H2S is known as a sour gas, which is appreciably soluble in water. It behaves as a 
weak acid partially dissociating into hydrosulfide and sulfide ions:

 H2S + H2O = H3O+ + HS− pKa = 6.9

 HS− + H2O = H3O+ + S2− pKa = 19

The concentrations of the anionic species are dictated by the pH, particularly by 
the presence of another acid gas, CO2. Being a weak acid, H2S is corrosive, react-
ing with steels in wells and pipelines, causing pitting and stress cracking corrosion 
and deposition of iron sulfide scales.2 Other sulfide scales that have been observed 
include zinc sulfide and lead sulfide (see Chapter 3 on scale control for further 
information).

There are several natural processes that can generate H2S in reservoirs. They 
include bacterial sulfate reduction by indigenous sulfate-reducing bacteria (SRBs), 
thermal cracking, and thermochemical sulfate reduction (TSR) by hydrocarbons. It 
has been proposed that it is the TSR that leads to the largest amount of H2S; however, 
other studies suggest that TSR by hydrocarbons only takes place significantly above 
140°C (284°F) in the reservoir.3 This phenomenon involves hydrocarbon oxidation 
and sulfate reduction (from anhydrite either naturally occurring or formed from 
injected sulfate anion in seawater) and produces as by-products, hydrogen sulfide, 
carbon dioxide, carbonate minerals, and heavy organosulfur compounds.

H2S production is usually significantly higher in reservoirs that are seawater-
flooded for secondary oil recovery.4 Seawater contains about 2,800 ppm sulfate ions. 
These ions are reduced to H2S by indigenous SRBs in the reservoir and by the TSR 
process, which eventually reaches the production wells. The growth of SRBs also 
requires the presence of an easily metabolized carbon source such as organic acids. 
These are usually found in high-enough quantities in the reservoir fluids to sustain 
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SRB growth.5–6 Thus, one way to reduce reservoir souring is to treat the injection 
water with sufficient biocide to prevent growth of SRB. Other preventive methods 
include controlling SRB metabolism or promoting the growth of nonindigenous 
SRB. Chapter 14 on biocides should be consulted for these methods. A final method 
of preventing biogenic sulfide formation is to inject nonsulfated aquifer water, if it 
is available, or inject desulfated seawater using membrane technology. In the latter 
case, not all the sulfate ions can be removed from seawater, but enough are removed 
to reduce reservoir souring as well as sulfate scaling considerably.

H2S must be removed from produced natural gas to meet gas sales specifications, 
which require a maximum H2S level of a few ppm. Batch treatments to adsorb H2S 
and other sulfur compounds can be used to remove very small amounts, that is, low 
gas-flow rate and/or small concentrations of hydrogen sulfide. Batch treatments 
can use solids or liquid slurries, nitrite, aqueous ClO2, zinc or iron oxide slurries, 
 formaldehyde/methanol/water, molecular sieves, iron sponge, and other proprietary 
metal-based processes. In large production facilities, the most economic solution to 
remove H2S in the gas process stream is to install a regenerative system for treating 
the sour gas.7–8 These systems typically employ a compound used in an absorption 
tower to contact the produced fluids and selectively absorb the H2S and possibly 
other toxic materials such as mercaptans. The process is known as gas sweeten-
ing. The absorption compound and H2S is then regenerated, usually by heating. The 
absorption material is reused in the system and the separated H2S treated by a modi-
fied Claus process to form elemental sulfur.

Concentrated solutions of aqueous amines (actually alkanolamines), mixed with acti-
vators, are by far the most common chemicals for removing H2S from produced natural 
gas. These solutions undergo reversible reactions with acid gases and can be regener-
ated (usually by applying heat) in a cyclic process to remove rather large amounts of 
sulfur, and CO2, when needed. Several types of amine solutions may be used depend-
ing on the sour gas specifications. Typical amines that have been used include:

monoethanolamine (MEA)•	
diethanolamine (DEA)•	
N•	 -methyldiethanolamine (MDEA)
Diglycolamine (DGA), also known as 2-(2-aminoethoxy)ethanolamine•	

MEA and DEA have been used in the past to sweeten gas streams. These alkanol-
amines absorb both H2S and CO2. DEA is a secondary amine that reacts rather fast 
with CO2 to form a carbamate that is partially hydrolyzed into bicarbonate. MDEA is 
selective to H2S. Most modern amine gas–sweetening processes are MDEA-based. 
MDEA is a tertiary amine that cannot react with CO2 (as there is no free H atoms on 
the N atom), so that the absorption of CO2 is only possible via bicarbonate/carbonate 
formation. This is a slow reaction compared with the one between the alkanolamine 
and H2S. However, activators can be added to improve the CO2 absorption if desired, 
such as polyalkyleneamines, alkoxypropylamines, aminopiperazines, aminopiperi-
dines, butyldiethanolamine, and aminoethylethanolamine.9 DGA (also known as 
[2-(2-aminoethoxy)]ethanol) in an aqueous solution has been used in both natural 
and refinery gas applications. DGA is a primary amine capable of removing not 
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only H2S and CO2, but also COS and mercaptans from gas and liquid streams. 
Triethanolamine and diispropanolamine have also been used to a lesser extent for 
H2S absorption.

Other commercial solvent processes to remove H2S include the use of polyethyl-
eneglycol, N-methyl pyrrolidone (NMP), propylene carbonate, and methanol. Potas-
sium carbonate, alone or mixed with amine solutions with other activators, has been 
used for removal of H2S and carbon dioxide (CO2) from gas streams in petrochemi-
cal and crude oil refining industries for many years. Sulfolane, optionally formulated 
with amines, is also a commercial H2S solvent. Iron (or vanadium) chelate sulfur 
removal processes belong to a commercial process group referred to as liquid redox 
sulfur recovery. The reaction is very efficient but best for low sulfur applications, 
that is, under roughly 10–12 tons per day.

In cases where the concentration of H2S is only a few hundred parts per million 
or less, it is most economic to treat the sour hydrocarbon production stream with 
nonregenerative H2S scavengers. This is most common for wet gas lines but is also 
carried out in oil-production lines.

15.2  nonregenerative h2s scavengers

Nonregenerative H2S scavengers that have been investigated can be divided into the 
following categories:

 1. solid, basic metallic compounds
 2. oxidizing chemicals
 3. aldehydes and aldehyde-related products
 4. reaction products of aldehydes and amines, including triazines
 5. metal carboxylates and chelates (some of these are regenerative)
 6. other amine-based products

Triazine scavengers are the most commonly used today. Some transition metal com-
plexes and chelates such as ferric chelates are regenerative, selective H2S scavengers 
and are discussed below.

The scavenger reacts with the H2S to form a nontoxic compound, which can be 
removed from the hydrocarbons or can be discharged in the water phase. Products in 
categories 2–6 are mostly water-soluble formulations. Laboratory equipment for test-
ing H2S scavengers have been described.11–12 Liquid scavengers can be injected any-
where along the production line, for example, at the wellhead or further downstream. 
A patented injection equipment that atomizes the H2S scavenger is claimed to reduce 
scavenger consumption by 30–35%.13

N

OH

OHH3C

H2N
O

OH

Figure 15.1 N-methyldiethanolamine and 2-(2-aminoethoxy)ethanolamine (DGA).
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15.2.1  SOlid SCAvEngERS

Solid scavengers cannot be injected and are therefore only useful in treating sour gas 
in process facilities. Solid scavengers are generally zinc- or iron-based materials. A 
bed of zinc oxide, ZnO, was used successfully to remove H2S from the produced gas 
for one North Sea operator.14 Improved solid iron oxide scavengers used in the indus-
try today form innocuous iron pyrite (FeS2) as the reaction product. The catalyst can 
be impregnated on an inert ceramic material, solving the pyrophoricity problem of 
the earlier iron-sponge type scavengers.

15.2.2  Oxidizing ChEmiCAlS

Examples of water-soluble salts with oxidizing anions include chlorites (e.g., NaClO2), 
bromates/iodates (e.g., NaBrO3), nitrites (e.g., NaNO2), and persalts.15–16 The reaction 
of these oxidizing agents, except the persalts, with H2S is complicated, but elemental 
sulfur is usually one of the products.

Chlorite oxidizing agents react very rapidly with H2S, but their use is 
restricted, as they give handling and operational problems such as sulfur deposi-
tion and corrosion problems. They have, however, been used very effectively in 
scavenging H2S from disused storage tanks where further corrosion was not a 
major issue.17

Sodium nitrite solution has been used in downhole squeeze injection into sour oil 
and gas wells and has effectively removed H2S from the aqueous and gas phases.18 
This method also reduced corrosion due to H2S and removed iron sulfide scale from 
the near-wellbore. H2S removal from topsides water separations equipment was also 
facilitated using sodium nitrite.

The common use of triazine H2S scavengers (discussed in Section 15.2.4) has 
sometimes caused environmental discharge problems in one sector of the North 
Sea because the overboard water contained unused triazine or toxic amines formed 
from reaction of triazines with H2S. An environment-friendly H2S scavenger that is 
peroxide-based has been developed to overcome this problem.19 The simplest prod-
uct is hydrogen peroxide, although one could imagine persalts such as perborate or 
persulfate, which also contain the O–O peroxide linkage, might be equally effec-
tive. Organic peroxides have also been field-tested but led to corrosion problems. 
Peroxide chemicals convert sulfide to sulfate. For example, the reaction of hydrogen 
peroxide with H2S will generate sulfate ions and protons:

 H2S + 4H2O2(aq) → SO4
2−(aq) + 4H2O(l) + 2H+(aq)

Offshore experience suggests that H2S must be present as ions (HS− or S2−) to 
react quickly and that the pH of the peroxide product must be high. However, a high 
pH usually destabilizes hydrogen peroxide especially in the presence of contami-
nants such as trace transition metals. In collaboration with an operator, one service 
company has managed to formulate a stable, high-pH peroxide product and has suc-
cessfully used this in the laboratory and pilot plants (imidazoles or triazoles, which 
prevent the peroxide from binding to metal sites, where it is catalytically decom-
posed, are possible stabilizers). However, the stabilizer did not fulfill the OSPAR 
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environmental requirements for use in the North Sea and new stabilizers were sought. 
Corrosion issues due to the strongly oxidizing peroxide were not addressed.

15.2.3  AldEhydES

Aldehydes react with H2S to form various sulfur products. Typical aldehydes 
that have been used include formaldehyde, glutaraldehyde, acrolein, and glyoxal 
(Figure 15.2).20–23

Formaldehyde forms mainly the ring compound 1,2,3-trithiane with H2S 
(Figure 15.3). Formaldehyde is a suspected carcinogen, banned in Europe and is, 
therefore, not much used today. However, the safer, water-soluble chemical hexa-
methylenetetramine (HMTA) can be used in acid stimulation fluids since it decom-
poses on reaction with strong acids to give formaldehyde in situ.11,34 However, there 
is a possibility of formation damage from oily polymeric substances formed by reac-
tion of aldehydes and acids (see below). Further, the reaction products of H2S and 
formaldehyde are water-insoluble solids, and these can cause processing issues.

Glyoxal reacts with an excess of H2S to yield a partially water-soluble trans,trans-
4,4,5,5′-tetrahydroxy-2,2′-bi(1,3-thioxolane).24

The larger the aldehyde, the greater the fraction that will partition into the liq-
uid hydrocarbon phase. Thus, formaldehyde, glutaraldehyde, and glyoxal partition 
about 98–99% into the brine phase, whereas acrolein partitions over 50% into the 
liquid hydrocarbon phase. Acrolein is a very effective scavenger of sulfides but is not 
widely used because of its high toxicity and handling problems.

One disadvantage with the aldehydes is that most of the products from reaction 
with H2S are poorly soluble in water. However, aldehydes have the additional ben-
efit that they are biocides (see Chapter 14). Thus, they can kill SRBs preventing 
them from forming H2S.25 This makes them good candidates for seawater injection 
projects, near-well, or squeeze treatments as they can control SRB formation and 
remove any H2S that is still formed.26 Acrolein can actually perform three tasks. 
First, it is a H2S scavenger, a biocide, and it also dissolves iron sulfide scale.27–28 
Acrolein reacts with H2S to form first a thiolaldehyde, which reacts further with 
acrolein to form a water-soluble thiopyran (Figure 15.4).29–30
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Figure 15.2 From left to right, formaldehyde, acrolein, glyoxal, and glutaraldehyde.
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Figure 15.3 Reaction of formaldehyde with H2S.
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Acrolein has also been used as a H2S scavenger in multiphase production.31 Water-
soluble low-molecular-weight polycondensation products produced by the condensa-
tion of acrolein and formaldehyde have been proposed for use in the elimination of 
hydrogen sulfide and iron sulfide present in aqueous systems.32

One drawback of the aldehydes is that the reaction with H2S is somewhat slow, 
especially at low temperatures. In comparison, triazine-based scavengers (see below) 
react significantly faster with H2S (but not at low temperature). However, aldehydes 
do not raise the pH of the produced water as do amine and triazine products. A raised 
pH can cause possible carbonate scaling and exacerbate emulsion tendencies.

It has been found that the reaction products of aldehydes and polyhydroxyl or 
urea-based compounds are excellent H2S scavengers. This technology is amine-free, 
although the inventors state that a blend with alkanolamines and/or triazines is pre-
ferred. Use of this or any aldehyde-based scavenger avoids raising the pH of the 
water, which occurs with triazine H2S scavengers, leading to carbonate scaling (see 
Section 15.2.4).10 A typical product is made by reacting formaldehyde with ethylene 
glycol or glycerol. The product using ethylene glycol is ethylene glycol hemiformal, 
also known as [1,2-ethanediylbis(oxy)]-bis-methanol or 1,6-dihydroxy-2,5-dioxa-
hexane (Figure 15.5). This product can be used in combination with dimethylolurea 
(also known as N,N-bis-(hydroxymethyl)urea) formed from the reaction of urea and 
formaldehyde. The heterocyclic acetal, 1,3-dioxolane, can also be used, made by a 
1:1 reaction of ethylene glycol and formaldehyde. This will act like formaldehyde 
in its reaction with H2S, producing 1,3,5-trithiane and regenerating ethylene gly-
col. However, dioxolanes and trioxanes do not react with the HS− ion.35 Butylformal 
(butoxymethanol) can also be used to scavenge H2S.

Aldehyde-based H2S scavengers can be used in acid-stimulation packages for 
stimulation of the near-wellbore of sour carbonate reservoirs. An early study in the 
Middle East used aldehydes as H2S scavengers in acid stimulation of injector wells, 
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Figure 15.4 Reaction of acrolein with H2S.
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Figure 15.5 1,6-Dihydroxy-2,5-dioxahexane, 1,3-dioxolane and dimethylolurea.
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but it was observed that at high scavenger concentration, a polymeric material was 
formed, which adversely affected acid reaction with iron sulfide and could cause 
formation damage.33 A later study used HMTA, which generates formaldehyde in 
low-pH solutions such as 7.5% HCl. However, HTMA was found to be a worse scav-
enger than formaldehyde. The best H2S scavenger from the laboratory test promoting 
good iron sulfide dissolution, and the one used in the field, was a mixture of an ali-
phatic and an aromatic aldehyde.34 However, due to concerns over formation damage 
with the use of aldehydes, a hydroxyalkyltriazine was successfully used in later acid 
stimulation field applications (see Section 15.2.4 for details about triazines).11

15.2.4  REACtiOn PROduCtS Of AldEhydES And AminES, ESPECiAlly tRiAzinES

Aldehydes react with amines to form imines, but with one equivalent of formalde-
hyde cyclic 1,3,5-hexahydrotriazine products are formed (the IUPAC correct name is 
triazinane). A side product is N,N′-methylenebis-oxazolidine or this can be made the 
main product if the ratio of amine to formaldehyde is adjusted. The bis-oxazolidines 
alone have been claimed as H2S scavengers,36 but it is the 1,3,5-hexahydrotriazine 
products that are most widely used in the oil and gas industry. Although their correct 
name is 1,3,5-hexahydrotriazines, they are usually called just triazines by produc-
tion chemists. Laboratory experiments, using a wide range of CO2 partial pressures 
and H2S-to-CO2 ratios, indicate that CO2 has very little effect on the H2S scavenging 
performance of triazine-based H2S scavengers.37

The first triazines to be investigated were halogenated triazines such as trichloro-
S-triazinetrione.38 The most common triazines used today are water-soluble and made 
by the reaction of alkanolamines and/or methylamine with formaldehyde. For exam-
ple, with ethanolamine, the reaction product is mainly 1,3,5-tri-(2-hydroxyethyl)-
hexahydro-S-triazine (Figure 15.6).39–40 N,N′-methylenebis-oxazolidine formed as a 
biproduct (or main product if the reaction ratio is changed) will also react with H2S.41 
1,3,5-Trimethyl-hexahydrotriazine is another common H2S scavenger.

Triazines made from other amines have also been claimed. For example, the reac-
tion product of 3-methoxypropylamine (MOPA), methylamine, and formaldehyde is 
claimed to be a superior H2S scavenger to the hydroxyethyltriazines.42–43 It is also 
possible to make triazines in situ from an alkanolamine and formaldehyde as long as 
this is far enough upstream for the triazines to form and react with H2S.44

Triazines react faster with H2S than aldehydes, and also react with the HS− ion.35 
Triazine liquid scavengers are economical up to about 50 kg of H2S/day and will 
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Figure 15.6 1,3,5-Tri-(2-hydroxyethyl)-hexahydro-S-triazine (left) and N,N ′-methyl-
enebis-oxazolidines (right). R = alkyl.
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remove H2S down to approximately 5-ppm levels in streams with relatively low con-
centrations of H2S. Triazines have low toxicity characteristics and are usually biode-
gradable, but can contain small amounts of free formaldehyde, which is a suspected 
carcinogen. They are usually injected as water or methanol/water solutions.45–46 The 
original triazine can be regenerated by treatment with hot aqueous base, but this is 
not normally economic in practice.47

The main products from the reaction of 1,3,5-tri-(2-hydroxyethyl)-hexahydro-
S-triazine with H2S are 5-(2-hydroxyethyl)hexahydro-1,3,5-dithiazine, 3,5-bis-
(2-hydroxyethyl)hexahydro-1,3,5-thiadiazine and 1,3,5-trithiazane depending on the 
pH (Figure 15.7).48 The bis-hydroxyethyl compound is fairly water-soluble and does 
present problems but the dithiazine and other products are less water-soluble, espe-
cially at low temperatures, and this can cause a deposition problem in cold pipelines or 
process facilities. Dithiazine forms a separate liquid phase or layer in gas-processing 
equipment. At temperatures of about 20°C (68°F) or lower, solid dithiazine crystals 
form in this layer and precipitate out of solution. It has been claimed to use a chemi-
cal formulation consisting of triethylene glycol and the reaction product of an amine 
and an aldehyde (a triazine) to alleviate the problems associated with the deposition 
of dithiazine solids.49 1,3,5-Tri-(2-hydroxyethyl)-hexahydro-S-triazine has been used 
successfully in acid workovers of sour-water injectors to remove hydrogen sulfide 
and prevent further iron sulfide scale. The reaction products were water-soluble and 
the scavenger also gave some corrosion inhibition.11

There have been a number of attempts to improve the performance of triazine-based 
scavengers. An improvement that gives more water-soluble products after reaction with 
H2S is to use a more hydrophilic triazine such as the reaction product of MEA, DGA, 
and formaldehyde. This gives a mixture including 1,3,5-tri-(2-hydroxyethyl)-hexa-
hydro-S-triazine and 1,3,5-tri(2-ethoxyethanol)hexahydro-triazine.50 Another more 
hydrophilic triazine is made by reacting dimethylaminopropylamine with formal-
dehyde. This molecule has pendant water-soluble dimethylamino groups.51 Triazine-
scavenging agents having hydroxyalkyl and alkylamine functionality are claimed to 
be superior scavengers than products containing just hydroxyalkyl functionality.52 
These scavenging agents are made by reacting at least one alkanolamine and at least 
one alkyl amine with an aldehyde, such as formaldehyde.

A scavenger composition, which comprises a triazine reaction product of formal-
dehyde with the very hydrophilic molecule aminoethylpiperazine (AEP) and a sec-
ond or “enhancing” amine, such as n-butylamine or MEA, has also been claimed to 
avoid any organic sulfur solids deposition problems. N.A.53 Several case histories 
have been reported.54
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Figure 15.7 Sulfur reaction products of 1,3,5-tri-(2-hydroxyethyl)-hexahydro-S-triazine 
with H2S.
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Another improvement is the use of a quaternary ammonium compound to accel-
erate the reaction of the triazine with H2S.55 The preferred hexahydro-triazine is 
1,3,5-tri-methoxypropyl-hexahydro-1,3,5-triazine (MOPA hexahydro-triazine) and 
an example of a quaternary ammonium compound is benzyl cocoalkyl dimethyl 
quaternary ammonium chloride, which is also a film-forming corrosion inhibitor.

Another improvement is the use of oligomers of two or more triazine rings 
linked by CH2 groups. The benefits of these compounds is that they are less liable 
to produce free formaldehyde and the reaction products with H2S are less pungent.9 
Bis-triazines are formed by reacting ethylenediamine with formaldehyde.56 Other 
complex polytriazines have been made by reacting an alkylenepolyamine, such as 
diethylenetriamine with formaldehyde.57 Triazines, which are the product of the 
reaction of dimethylaminopropyl amine with a molar excess of formaldehyde, are 
also useful H2S scavengers.58 Triazines have also been used in foam-well treatments 
with aldehydes that have a dual function as biocides and H2S scavengers.59

Triazines can also be made oil-soluble from the reaction of fairly hydrophobic 
alkylamines with formaldehyde. For example, the oil-soluble 1,3,5-trihexahydro-
1,3,5-tert-butyltriazine has been claimed.60 However, one factor demanding atten-
tion in scavenger selection for hydrocarbon liquids is the downstream processing of 
the condensate or crude, which often requires maintaining a low-nitrogen content to 
avoid poisoning of reforming catalysts. Water-soluble scavengers have been shown 
to work equally as well for removing H2S from a condensate as the scavenger does 
not follow the condensate phase due to solubility and density differences.46

One problem with the triazine H2S scavengers is that they contain tertiary amine 
groups and are, therefore, basic in aqueous solution raising the pH of the water. 
Amines formed after reaction of the triazine with H2S are also basic. The increase in 
pH when using triazine H2S scavengers has been shown to lead to new or increased 
calcium carbonate scaling problems:61–62

 Ca2+(aq) + 2HCO3
−(aq) ↔ CaCO3(s) + H2O(l) + CO2(g)

 HCO3
−(aq) + R2R′NH(aq) → CO3

2−(aq) + R2R′NH+(aq)

 CO3
2−(aq) + Ca2+(aq) → CaCO3(s)

To overcome this problem, one could use a H2S-scavenging aldehyde, which is not 
basic, or treat with a carbonate-scale inhibitor. Combined scale inhibitor–H2S scav-
enger blends have also been formulated that gave good field results.63 A phospho-
nate-scale inhibitor was found to perform best in one combined treatment package.64 
Aromatic imine compounds, containing no free formaldehyde have been proposed 
as improved, less toxic alternatives to triazines.79

15.2.5  mEtAl CARBOxylAtES And ChElAtES

Both water- and oil-soluble high-valence metal chelates have been used as H2S scav-
engers. They have been used both for treating drilling fluids and contaminated water 
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and oil streams.65 The metal ion is usually zinc(II) or iron(III). The chelate contains 
carboxylate groups and can be based on nitrilotrisacetic acid, EDTA, polyamino-
disuccinic acid, or a more biodegradable chelate such as a gluconate.66–69 Normally, 
metal sulfides are formed, but if the metal is in a high oxidation state, it can be used to 
oxidize H2S to sulfur.70 An example is the ferric chelate of N-(2-hydroxyethyl) EDTA, 
which is reduced to the ferrous chelate after reaction with H2S.71 Ferric chelates can 
be regenerated, if necessary, by reaction of the ferrous chelate with O2 at elevated 
temperature. However, an antioxidant stabilizer such as thiosulfate ion or enzyme 
catalase, which destroys hydroxyl radicals, is needed to prevent the chelate from 
degrading. This and other more common chelates such as EDTA are degraded.72

Fast-acting, oil-soluble H2S scavengers based on carboxylates of zinc and iron 
have been developed. This technology’s efficacy was demonstrated in a plant trial 
treating a 1,200-ppm hydrogen sulfide–contaminated oil stream.66 A typical product 
mentioned is zinc carboxylate made from a long-chain fatty acid, which gives it the 
product its oil solubility. It was shown to react with H2S to give fine transportable 
dispersions of ZnS in the oil phase:

 Zn(OOCR)2 + H2S ↔ ZnS + 2HOOCR

15.2.6  OthER AminE-BASEd PROduCtS

Besides the nonselective regenerative alkanolamines, several other more selective 
classes of amine-based products have been investigated. Small water-soluble ami-
dines (RC(=NH)NH2) or oligomeric amidines have been shown to have good H2S 
scavenger properties.73 Mixtures of amine oxides and specific enzymes have been 
patented, but no field data are available.74 Piperazinone or an alkyl- substituted deriv-
ative such as 1,4-dimethylpiperazinone have also been claimed as good H2S scaven-
gers.75 Maleimides, which also have biocidal properties, have also been shown to be 
good H2S scavengers.76 Another patent application claims a H2S scavenger selected 
from a 1,3,5-trisalkanylamino hexahydro-1,3,5-triazine derivative, a morpholine or 
piperazine derivative, an amine oxide, an alkanolamine, or an aliphatic or aromatic 
polyamine.77

H2S and small mercaptans (thiols) in hydrocarbons may be scavenged using a 
formulation of quaternary ammonium alkoxide or hydroxide in the presence of a 
high-oxidative-state metal such as cobalt, iron, chromium, and/or nickel.78 The high-
oxidative-state metal, being an oxidizer, probably acts as a catalyst for improved 
H2S and mercaptan-scavenging performance. The exact mechanism by which the 
method operates is not known, but the product of the reaction of a mercaptan with 
the scavenger is believed to be a disulfide. Moreover, it has been found that intro-
ducing oxygen, such as by sparging the treated fluid with air, increases the scaveng-
ing activity dramatically. The performance of the scavenger has been found to be 
improved at higher temperatures such as about 50–70°C. A typical scavenger that 
was investigated on a sulfurous crude oil was a quaternary ammonium hydroxide 
prepared from dimethyl soya amine and ethylene oxide, with Co3+ ions.
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15.3  summary

The choice of H2S control strategy depends on many factors including H2S con-
centration, temperature, produced fluid chemistry, environmental requirements, and 
where in the system the treatment is to be made. To summarize, there are five basic 
methods to treat reservoir souring and H2S production:

 1. Add a biocide to kill SRB. The biocide may also be a H2S scavenger.
 2. Treat the SRB with a metabolic inhibitor that prevents them from reducing 

sulfate to sulfide.
 3. Stimulate the formation of non-SRB bacteria by adding nutrients such as 

nitrate ions for stimulating denitrifying bacteria.
 4. Use unsulfated aquifer or desulfated seawater in water injector wells.
 5. Use a H2S scavenger.

Methods 1–4 are usually carried out at the injector wells, but biocides can also be 
injected into production streams. H2S scavengers are injected either downhole or, 
most usually, topside in production. Methods 1–4 are discussed in Chapter 14.
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16 Oxygen Scavengers

16.1  introduction

Dissolved oxygen in water can cause destructive oxygen corrosion to metal pipes 
and process equipment. The corrosion by-products in turn cause formation damage 
by plugging. Thus, oxygen needs to be removed from oilfield waters.1–3 In addition, 
inhibition of corrosion in CO2/O2 systems is more difficult that in CO2 alone, hence 
the need for good oxygen removal.3

The most common uses of oxygen scavenger in oil and gas production are for 
seawater injection facilities, hydrotesting (the process of using water under pressure 
to test the integrity of pipelines and vessels), and acid stimulation.4–6 For water injec-
tion systems, primary oxygen removal is normally either by use of a vacuum tower 
or a gas-stripping tower. These towers reduce the level of oxygen in the water from 
~9 ppm to < 50 ppb. A patented technology using nitrogen gas to strip oxygen down 
to 5–15 ppb has been used on a number of seawater injection facilities since the early 
nineties.7 This MINOX process uses no added chemicals and has the advantage of 
being lightweight.

Oxygen removal to < 10 ppb (preferably less than ~5 ppb to avoid significant oxy-
gen corrosion) can be achieved by the addition of an oxygen scavenger downstream 
of the deaeration vessel.

16.2  classes oF oxygen scavengers

There are many classes of oxygen scavengers that have been used, including:

bisulfite, metabisulfite, and sulfite salts•	
dithionite salts•	
hydrazines including 1-aminopyrrolidine•	
guanidines•	
semicarbazide and carbohydrazides•	
hydroxylamines•	
oximes•	
activated aldehydes•	
polyhydroxyl compounds•	
hydrogen with activated noble metal catalysts•	
an enzyme that catalyzes the reaction between a substrate material and oxygen•	

However, current sales of oil industry oxygen scavengers for water injection and 
hydrotesting are dominated totally by sulfite, bisulfite, and metabisulfite salts, some-
times with added catalysts. The other classes of oxygen scavengers, which are largely 
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organic nitrogen compounds, have mainly been applied to drilling fluids or boiler 
waters. These will briefly be discussed first followed by the bisulfite, metabisulfite, 
and sulfite salts.

16.2.1  dithiOnitE SAltS

Dithionite salts such as sodium dithionite (Na2S2O4) have been proposed for use in 
drilling and completion operations. Sulfur is in the +3 oxidation state in these salts 
and is oxidized through +4 (sulfite) to +6 (sulfate) on reaction with oxygen.8–9

16.2.2  hydRAzinE And guAnidinE SAltS

Hydrazines (RNH2NH2) are basic and will raise the pH of the water. If the water con-
tains calcium/magnesium ions and bicarbonate ions, there is the possibility of new 
or increased calcium/magnesium carbonate scale formation. Hydrazine (NH2NH2) 
is also a suspected carcinogen and requires special handling precautions. Hydrazine 
reacts fairly slowly with oxygen, but the reaction rate is accelerated by transition 
metal ion catalysts such as copper(II) and manganese(II) ions and also by increas-
ing the temperature. The reason that transition metals are used rather than other 
metals is that they have two or more available oxidation states and can coordinate 
a dioxygen molecule fairly strongly via overlap of the metal d-orbitals with dioxy-
gen p-orbitals. Unlike the bisulfites, hydrazine does not decompose at high tem-
peratures, although this is rarely encountered. Hydrazine can be used as an oxygen 
scavenger in acid stimulation as hydrazinium salts. Other hydrazines such as phenyl-
hydrazine can be used but are more expensive than bisulfite and metabisulfite salts. 
1-Aminopyrrolidine is a cyclic 1,1-dialkylhydrazine, which has been shown to have 
excellent oxygen-scavenging properties in boiler applications, again in the presence 
of a transition metal ion catalyst.10–11 Hydrazines have been used as oxygen scaven-
gers to control external corrosion of oil-string casing, giving corrosion protection for 
12–18 months after a well is completed.12

Guanidine salts (H2NC(=NH)NH3
+X−) such as guanidine acetate have been 

proposed as oxygen scavengers primarily in seawater injection.13 Semicarbazide 
(H2NNHCONH2) and carbohydrazides (RCONHNH2) have also been used, espe-
cially in boiler water treatment, as they do not add to the dissolved inorganic solids 
as do the sulfur-based oxygen scavengers. A catalyst such as hydroquinone or cobalt 
ions is needed.14

16.2.4  hydROxylAminES And OximES

Hydroxylamines such as the volatile liquid 
diethylhydroxylamine (DEHA, Figure 16.1) or 
N,N-bis-(2-hydroxyethyl)hydroxylamine are cur-
rently used in closed-loop water treatment.15 
They minimize oxygen pitting and corrosion 
potential, are not temperature dependent, 
and do not add to the dissolved inorganic 

N
C
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CH2
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CH3
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Figure 16.1 Diethylhydroxylamine.
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solids. Transition metal catalysts, amines, tannin, t-butylcatechol, hydroquinone, or 
pyrogallol can be used as catalysts. DEHA has a slow oxygen reduction rate and 
can absorb only a small amount of oxygen per unit weight so that this compound is 
required to be added in a relatively large amount.17

Oximes (R=NOH and RR′NOH) such as methylethylketoxime and acetaldoxime 
have been proposed for use in acid gas-stripping facilities, as their addition reduces 
the formation of amine or glycol degradation products.18

16.2.5  ACtivAtEd AldEhydES And POlyhydROxyl COmPOundS

Aldehydes such as formaldehyde are generally poor oxygen scavengers being slowly 
oxidized to carboxylic acids.19 Salicylaldehyde and gallic acid are exceptions due to 
the activating nature of the hydroxyl groups on the aromatic ring.20–21 Hydroquinone 
catalyzes their reaction with oxygen. Erythorbic acid can also be added to this cat-
egory as it contains a tautomer of a ketone and four hydroxyl groups (Figure 16.2). 
This molecule is often used for oxygen 
scavenging in boiler waters. Magnesium 
ion or copper ion as catalysts, or in the 
presence of a pH control agent that 
maintains the pH above 7, improves 
the performance.22 Other polyhydroxyl 
compounds such as gluconates and 
pyrogallol have also been used as oxy-
gen scavengers. For example, salts of a 
keto-gluconic acid, or a salt of a stereoi-
somer of a keto-gluconic acid, have been 
proposed for use in boiler water systems 
or oilfield injection water or brine.23

16.2.6  CAtAlytiC hydROgEnAtiOn

The reaction of oxygen with hydrogen activated by noble metal catalysts, such as 
finely divided palladium adsorbed on a resin, have been used to reduce oxygen con-
centrations in seawater to negligible levels in less than 60 s, lower than the oxygen 
corrosion-pitting potential.24–25 Group 8 noble metals are extremely good adsorb-
ers of hydrogen and oxygen, facilitating the reaction of these molecules to produce 
water.26 This technology has been investigated on installations offshore Angola, 
Brazil and the Gulf of Mexico, and the North Sea.24 The small “footprint” and low 
equipment weight and volume are potential advantages with this technology.

16.2.7  EnzymES

An enzyme that catalyzes the reaction between a substrate material and oxygen 
has been claimed as a method to reduce oxygen levels and thereby corrosion.27 The 
enzyme can be alcohol oxidase enzyme while the substrate material is a small alco-
hol. Crude oil or other hydrocarbon material is also added to the water.

O O

OHHO

HO

HO

H

Figure 16.2 Erythorbic acid (also known 
as isoascorbic acid).
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16.2.8  BiSulfitE, mEtABiSulfitE, And SulfitE SAltS

The most common oxygen scavengers in oilfield production are sulfite (M2SO3), 
bisulfite (MHSO3), and metabisulfite (M2S2O5) salts. The bisulfite ion, HSO3

−, is also 
known as hydrogen sulfite, and it is salts of this ion that are principally used today. 
Sulfite salts have been used in the past but cannot be prepared in as high aqueous 
concentrations as the bisulfite salts. The most common bisulfite salts are ammonium 
bisulfite (NH4HSO3) and sodium bisulfite (NaHSO3).28 Ammonium bisulfite is more 
water-soluble than sodium bisulfite: solutions of up to 65 wt.% at 4°C (39°F) can be 
made. Being a salt of a weak acid and a strong base, sodium bisulfite forms a signifi-
cantly basic aqueous solution whereas ammonium bisulfite is only very slightly basic 
at around pH 8. As a rule, to reduce the oxygen concentration in water from 9 ppm to 
50 ppb requires addition of 60 ppm of 65 wt.% ammonium bisulfite.

The reaction of sulfite or bisulfite with oxygen is slow below approximately 130°C 
(266°F) without a catalyst, forming bisulfate ions as follows:

 2HSO3
− + O2 → 2HSO4

−

The best catalysts to accelerate this process are transition metal ions.29 The rate of 
oxygen scavenging for various transition metal ions has been quantified by equa-
tions.30 Since seawater contains small amounts of these ions, it is not necessary to 
add further ions when using ammonium bisulfite for oxygen scavenging. However, 
when using sodium bisulfite, extra transition metal ions are added to the formulation. 
Cobalt(II) ions have been shown to be the best metal ion catalyst, and this ion is still 
used today in some areas, but it has been superceded by iron(III) salts in environmen-
tally sensitive areas.31 Manganese(II) ions have been shown to work synergistically 
at pH 5 with iron ions to improve the oxygen-scavenging rate of bisulfites.29 There 
is evidence that the iron-catalyzed oxidation of bisulfite aqueous solution occurs by 
a free-radical chain mechanism via sulfate radicals, SO4×.32 The natural or added 
transition metal ion catalysts can be deactivated, for example, by chelation.33 Thus, if 
chelates such as polyphosphate corrosion inhibitors, polycarboxylate and polyphos-
phonate scale inhibitors, and polyaminocarboxylate scale dissolvers were present in 
the water to be injected, they would significantly reduce the performance of bisulfite 
oxygen scavengers by complexing with the transition metal ion catalysts.28 Chlorine 
dioxide or its water-soluble salts, such as sodium or ammonium chlorite, also cata-
lyze the oxygen-scavenging process by bisulfite salts.34

Despite their widespread use, bisulfite salt oxygen scavengers do have several 
drawbacks:

 1. Nitrogen in ammonium bisulfite provides food for bacteria such as sulfate 
reducing bacteria (SRBs) in high-temperature environments, but proper use 
of biocide should stop this.

 2. Aldehyde-based biocides such as glutaraldehyde reduce the scavenging 
efficiency of bisulfites.35
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 3. Hypochlorite and chlorine biocides react with bisulfites deactivating them. 
In practice, the total bisulfite demand for oxygen and any residual chlorine/
hypochlorite is calculated.

 4. Stannic ions, mannitol, ethanol, and organic acids also reduce the oxygen-
scavenging ability of bisulfites.

 5. The oxygen scavenging ability of sulfites and bisulfites is sensitive to the 
pH of the water. One study showed that in pH > 7, sulfite ions rapidly scav-
enge dissolved oxygen, and in pH < 6.0, the reaction is too slow for practical 
use.36 In another study, ammonium bisulfite was shown to work well down to 
pH 6.5, although it performed better at an optimum pH of 7.5–9.37 Raw sea-
water has a pH of 7.8. Sulfites and bisulfites will decompose in strongly acidic 
solutions so they cannot be used in normal acid stimulation packages.

 6. The oxygen-scavenging rate is measurably slower in very cold seawater, 
close to 0°C.

In hydrotesting, it is essential to remove oxygen to prevent oxygen corrosion since 
the aqueous phase may be left in the system for years. Microbially induced corro-
sion may also take place. Addition of a biocide can eliminate microbially induced 
corrosion. However, not all biocides are compatible with sulfites and bisulfites. 
Second, biocides are of course toxic, and there may be toxicity regulations on the 
discharged water. An environment-friendly method of preventing corrosion in 
hydrotesting is to first add a bisulfite oxygen scavenger to the hydrotest water, then 
when the oxygen has been removed, add a limited amount of biocide, adjust the pH 
to about 9.5 with a base such as sodium hydroxide (which limits bacterial growth), 
and add a scale inhibitor.38
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17 Drag-Reducing Agents

17.1  introduction

The flow of liquid in a conduit, such as a pipeline, results in frictional energy losses. 
As a result of this energy loss, the pressure of the liquid in the conduit decreases along 
the conduit in the direction of the flow. For a conduit of fixed diameter, this pressure 
drop increases with increasing flow rate. The effect of a drag reducer added to a liquid 
is to reduce the frictional resistant in turbulent flow (Reynold’s number greater than 
about 2,100) compared with that of the pure liquid. Drag-reducing agents (DRAs) 
are sometimes known as friction reducers or flow improvers, although the latter 
term can be confused with wax inhibitors/pour-point depressants such as poly(meth)
acrylic esters. DRAs interact with the turbulent flow processes and reduce frictional 
pressure losses such that the pressure drop for a given flow rate is less, or the flow 
rate for a given pressure drop is greater. In most petroleum pipelines, the liquid flows 
through the pipeline in a turbulent regime. Therefore, DRAs can perform very well 
in most pipelines. Because DRAs reduce frictional energy losses, increase in the 
flow capability of pipelines, hoses, and other conduits in which liquids flow can be 
achieved. DRAs can also decrease the cost of pumping fluids, the cost of equipment 
used to pump fluids, and provide for the use of a smaller pipe diameter for a given 
flow capacity. As crude oil is cooled to near its pour point, the effectiveness of DRAs 
may be reduced. The largest use of oil-soluble DRAs is for pipeline transportation of 
refined oils, not crude oils.

Ultrahigh molecular weight (UHMW) polymers are the most effective drag reduc-
ers but surfactants can also show good drag-reducing behavior, although usually at 
higher dose rates.1 It is not unusual to see as high as 70–80% drag reduction with 
20–30 ppm of added polymer. Generally, higher concentrations are needed in larger 
pipes. Fibers can also exhibit DRA properties.2 The performance of DRAs in water 
and/or hydrocarbon fluids depends on many parameters such as fluid viscosity, pipe 
diameter, liquid and gas velocities, composition of the oil, pipe roughness, water cut, 
pipeline inclination, DRA concentration, type of DRA, shear degradation of DRA, 
and temperature, and even pH for aqueous DRAs.

One of the first field reports of using a DRA in the oil industry was in 1965 
with the use of guar gum to reduce the cost of pumping aqueous fracturing fluids.3 
Since then, there have been a number of uses for DRAs in the oil and gas industry 
including fracturing, acid stimulation,4 drilling fluids, water injection,5 coiled tub-
ing operations,6 and oil transportation. This latter application is discussed in more 
detail later. DRAs are usually designed to be either oil-soluble (for application to oil 
lines) or water-soluble (for application to water lines). DRAs have also been studied 
for use in multiphase flow (oil and water, and sometimes gas, flowing together).7 The 
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external liquid phase (oil or water) will determine whether an oil-soluble or water-
soluble DRA is most appropriate. Oil-soluble DRAs become less effective as the 
water cut increases.

Drag reducers for gas transportation have also been applied in the field. For 
example, injection of a film-forming amphiphilic corrosion inhibitor or simply a 
fatty acid amine has been claimed to reduce friction or drag on a gas in turbulent 
flow.8 Field implementation of a corrosion inhibitor gas DRA has been reported.9 The 
desired scenario is based on positively charged amine and amide functional groups 
providing strong binding to the metal surface and the long-chain hydrocarbon part 
serving as a compliant or lubricating surface to mitigate turbulence at the gas-phase 
boundary.

A common way to test the performance of a DRA in the laboratory is to use a 
flow loop and measure the pressure drop. Many of the references in this chapter, 
particularly patent references, describe equipment and test methods. Results from 
loop tests can be compared directly to field observations.10 The use of a loop with 
submerged jet cell has also been described.11 A fast screening multi-test apparatus 
has been described.12 A simpler and smaller apparatus that has been much used to 
measure DRA performance is the rotating disk or screen extensional rheometer.13–15 
A specially adapted capillary viscosimeter has also been described.16 If good field 
experience has already been acquired for a commercial DRA, laboratory tests may 
not be necessary before using it in other similar applications.

17.2  drag-reducing agent mechanisms

Despite considerable research in the areas of DRAs, there is no universally accepted 
model, which explains the mechanism by which polymers, or surfactants, reduce 
friction in turbulent flow. One early theory states that the stretching of randomly 
coiled polymers increases the effective viscosity.17 By consequence, small eddies are 
damped, which leads to a thickening of the viscous sublayer and, thus, drag reduc-
tion. A more recent theory proposed that drag reduction is caused by elastic rather 
than viscous properties.18 This conclusion was reached by observing drag reduction 
in experiments where polymers were active at the center of the pipe, where viscous 
forces do not play a role. Another group observed that the amount of drag reduction 
is limited by an empirical asymptote, called the “Virk asymptote,”19 although others 
have found conflicting results.20

A later qualitative theory discusses turbulent flow in a pipeline as having three 
parts (Figure 17.1).21 In the very center of the pipe is a turbulent core where one finds 
the eddy currents. It is the largest region and includes most of the fluid in the pipe. 
Nearest to the pipeline wall is the laminar sublayer. In this zone, the fluid moves lat-
erally in sheets. Between the laminar layer and the turbulent core lies the buffer zone 
where turbulence is first formed. A portion of the laminar sublayer, called a “streak,” 
occasionally will move to the buffer region. There, the streak begins to vortex and 
oscillate, moving faster as it gets closer to the turbulent core. Finally, the streak 
becomes unstable and breaks up as it throws fluid into the core of the flow. This 
ejection of fluid into the turbulent core is called a “turbulent burst.” This bursting 

© 2009 by Taylor and Francis Group, LLC

  



Drag-Reducing Agents 385

motion and growth of the bursts in the turbulence core results in wasted energy. 
Drag-reducing polymers interfere with the bursting process and reduce the turbu-
lence in the core. The polymers absorb the energy in the streak, rather like a shock 
absorber, thereby, reducing subsequent turbulent bursts. As such, drag- reducing 
polymers are most active in the buffer zone. The overall effect may be to increase 
the thickness of the laminar sublayer, thereby reducing convective heat transfer.22

Clearly, molecular weight, aggregation, and chain flexibility (versus polymer 
rigidity) are all important factors affecting the performance of polymer DRAs. The 
theory regarding molecular weight is that the longer polymers will be best suited to 
break up turbulence bursts or eddies in the flow. The hydrodynamic volume (coil 
volume) of the polymer has been proposed as a better critical factor than molecular 
weight by some workers based on laboratory studies.23 The polymer volume varies 
with the solvent and, if aqueous, sometimes with the pH and ionicity.

A remarkable aspect of the addition of polymers to multiphase flow is not only the 
drag reduction, which can be measured, but also the changes in the configurations of 
phases or flow patterns. For example, one study found that the injection of a concen-
trated solution of polyacrylamide (PAM) and sodium acrylate into an air-water flow 
in a horizontal pipe changed an annular pattern to a stratified pattern by destroying 
the disturbance waves in the liquid film. Drag reduction of 48% was measured for 
mean concentrations of 10–15 ppm.24

17.3  oil-soluBle dras

17.3.1  BACkgROund

The story of oil-soluble DRAs for oil transportation begins with their successful 
use on the Trans-Alaskan pipeline.25–26 This first commercial drag reducer applica-
tion began in July 1979. By 1980, flow through the TAPS line had increased to the 
1.5 million bbl/d (9,940 m3/h) level. Approximately 200,000 bbl/d (1,300 m3/h) of 
this throughput was a direct result of injecting a drag-reducing additive. Since then, 
many projects have used DRAs to increase pipeline capacity or reduce the need for 
pumping stations.27–28 For oil transportation, polymer DRAs are preferred over sur-
factants due to their performance being higher at a given concentration despite the 
higher unit cost.

Injection point

Buffer region

Turbulent core

Laminar sublayer

Figure 17.1 Injection of polymer DRA into turbulent flow suppressing energy bursts.
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17.3.2  Oil-SOluBlE POlymERiC dRAS

In their extended configuration, polymers have a size, which is smaller than the 
smallest length scale of the turbulence. A well-known effect is the increase of the 
shear viscosity of a fluid due to polymers, which gives reason to suspect that poly-
mers can affect turbulence on a microscale. However, UHMW polymers are active 
on both the microscale and macroscale of the turbulence.29 Therefore, it is a key 
feature of DRAs that they are as long as possible, that is, have as high a molecular 
weight as possible.

Commercial DRA polymers for oil transportation that can be produced with 
UHMW are mostly based on Ziegler-Natta organometallic polymerization of alkenes 
(olefins).30 Examples of cheap monomers that can be used include:

isobutylene•	
isoprene•	
styrene•	
hexene•	
octene•	
decene•	
tetradecene•	

Only Ziegler-Natta polymerization is able to produce ultrahigh olefin polymer 
molecular weights of 10–30,000,000 Da (weight average), which are needed for 
good DRA performance. The term “ultrahigh molecular weight” corresponds to an 
inherent polymer viscosity of at least about 10 dl/g. Because of the extremely high 
molecular weight of DRA polymers, it is difficult to reliably and accurately measure 
the actual molecular weight, but inherent viscosity provides a useful approximation 
of molecular weight. Meth(acrylate) esters can also be polymerized to give UHMW 
polymers useful as DRAs.

17.3.2.1  Polyalkene (Polyolefin) dras
For many years, oil-soluble polymeric DRAs were based on small monomers such 
as isobutylene to form polyisobutylene (PIB; Figure 17.2).31–33 Typical concentrations 
needed for drag-reducing behavior were about 10–30 ppm. More recently, research-
ers found that copolymers with larger monomers such as hexene, octene, decene, and 
tetradecene gave improved DRA performance.34–35 This may be due to two factors. 
First, long linear polymers are liable to be degraded by the turbulence (shear) in the 
pipeline or at pumps. Increasing the molecular weight improves the drag-reducing 
performance but also increases the polymer degradation potential.36 Long polyvinyl 

Figure 17.2 A section of polyisobutylene (PIB).
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polymers with little or no side chains, such as polyethylene or polyisobutylene, have 
little shear degradation resistance but polymers with larger side chains, containing 
larger alkenes, have more resistance. Second, for a given polymer length, polymers 
with larger side chains have a larger polymer hydrodynamic volume (coil volume) and 
will have a better chance of breaking up turbulent flow. Copolymers of two alkenes 
rather than homopolymers of a single alkene appear to be preferred.37 Copolymers 
appear to have less crystallinity than homopolymers because of the different mono-
mers used. Lack of crystallinity is extremely advantageous in dissolution of the 
materials in the flowing hydrocarbon, with resultant increase in drag reduction.

Most larger alkenes manufactured are of the 1-isomer type (α-olefins). In fact, 
for many years only the α-olefin products made by Shell had been suitable for high-
 performance polymeric DRAs. Thus, copolymers of 1-hexene and 1-octene, 1-octene 
and 1-decene, or 1-decene and 1-tetradecene have been proposed as improved oil-
soluble DRAs (Figure 17.3). As the monomer size increases, it becomes increasingly 
difficult to polymerize them to UHMWs due to steric congestion at the Ziegler-Natta 
metal catalyst center (usually titanium). However 1-alkene monomers with up to 16 
carbon atoms can be used successfully, although 6–10 carbons seems to be the pre-
ferred range.

Another polyalkene polymer with a fairly large side chain is polystyrene 
(Figure 17.4). Experiments in benzene in pipes with polymers up to 7.1 × 106 Da in 
molecular weight gave good drag reduction. The polystyrene samples exhibited a 
high resistance to the loss of drag reduction via degradation in turbulent flow. The 
researchers concluded that drag reduction and degrada-
tion depend strongly on molecular weight distribution.38 
Polystyrenes with UHMWs (> 107 Daltons) would prob-
ably have performed better. UHMW copolymers of sty-
rene and 1-alkenes have been claimed as DRAs,39 as 
well as alkylstyrene copolymers such as t-butylstyrene-
hexene-dodecene terpolymer.40

Another improvement on polyalkene DRAs has been 
to use one or more isomers of the 1-alkenes (α-olefins) 
in copolymers. For example, copolymers of 1-hexene 

m n

Figure 17.3 Copolymer of 1-hexene and 1-octene.

n

Figure 17.4 Polystyrene.

© 2009 by Taylor and Francis Group, LLC

  



388 Production Chemicals for the Oil and Gas Industry

and 1-dodecene or copolymers of 1-octene and 1-tetradecene, whereby one or both 
monomers are isomerized before polymerization.41 Using isomers of 1-alkenes was 
also shown to reduce the catalyst requirement by about 50%. Further, the dissolution 
of polymeric (DRAs) in flowing hydrocarbon fluids is improved by incorporating 
branching into the polymer DRAs.42 The branches have an average chain length of at 
least four to eight carbon atoms. A branched polymer of the same molecular weight 
will have a smaller overall size because of its reduced radius of gyration (Rg), and 
thus dissolve more readily.

17.3.2.2  Poly(meth)acrylate ester dras
The use of long side chains for improving the performance of DRA polymers is 
not limited to polyalkenes. For example, emulsion polymerization of alkyl meth-
acrylates, alkyl acrylates, and alkyl styrenes give polyvinyl polymers with long 
side chains.43 Alkyl (meth)acrylates can be used alone to make DRA polymers and 
 usually contain pendant alkyl groups of at least six to eight carbon atoms. For exam-
ple, poly(isodecylmethacrylate) was found to be superior to commercially available 
polyisobutylene as a DRA, especially in terms of shear stability (Figure 17.5).44 
Increasing the molecular weight from 10 × 106 to 26 × 106 Da increased the drag 
reduction for a given polymer concentration and pipe size.45 This polymer was com-
mercialized for use in fracturing fluids but not oil transportation.

Poly(dodecyl methacrylate)s with molecular weights greater than 107 Da have 
been shown to be good DRAs, again with good shear stability (Figure 17.6).46 These 
alkylacrylate polymers are more expensive to manufacture on a large scale due to 
the price of the monomers. Another claimed example is behenyl acrylate copolymers 
(behenyl = C22).47 Copolymers of alkenes and vinyl esters have also been reported 
such as a copolymer of 1-octene and methyl 10-undecenoate.48 Hydrate-inhibited 
drag-reducing latexes can be prepared by polymerizing an alkyl(meth)acrylate such 

n

OO

Figure 17.6 Poly(dodecylmethacrylate).

O O

n

Figure 17.5 Poly(isodecylmethacrylate).
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as 2-ethylhexyl methacrylate in an emulsion comprising water, THI (MEG), surfac-
tant, initiator, and a buffer.49

Alkyl acrylate polymers have been claimed as superior DRAs (compared with 
polyolefins) for crude oils having a low API gravity and/or a high asphaltene con-
tent.49 Examples are UHMW polymers of 2-ethylhexyl methacrylate, optionally 
copolymerized with other alkyl acrylates such as n-butyl acrylate.

17.3.2.3  other oil-soluble dra Polymers
A study on oil-soluble polymer DRAs with a few percent of polar-associating groups 
showed that these polymers performed better as DRAs than the homopolymer if there 
were interpolymer interactions but worse if there were intrapolymer interactions.50 
In a related article, the same team found that a mixture of a cationic and an anionic 
polymer, both made oil-soluble by copolymerization with alkenes, gave excellent 
drag reduction as well as shear degradation resistance. The molecular weights of the 
polymers do not need to be in the UHMW range, making them easier to handle and 
inject. An example is a mixture of a styrene/vinyl pyridine copolymer (cationic) and 
a neutralized sulfonated copolymer (anionic).51 Others have reported better drag-
reducing properties from hydrogen bonding–associating polymer systems.52

Polymer mixtures, which exhibit acid-base interactions have also been reported 
as DRAs, for example, a mixture of a copolymer of an α-olefin such as 1-octene 
and 10-undecenoic and a copolymer of styrene and vinyl pyridine. Such acid-base 
interacting polymers can provide improved drag reduction via polymeric networks 
rather than by high molecular weight. Consequently, such networks are less sensi-
tive to flow degradation.53 Later studies of hydrogen-bonding polymer complexes 
have been reported.54

17.3.2.4  overcoming handling, Pumping, and injection difficulties  
with uhmw dra Polymers

Making an UHMW DRA polymer is only part of the manufacturing problem. The 
main difficulty lies in getting a finished product that has low viscosity, is free flow-
ing, nonagglomerating, has high concentration, and allows smooth and easy injec-
tion of the material into a pipeline. Due to the extreme molecular weights, solutions 
of DRA polymers are extremely viscous. Hence, they have often been diluted down 
to below 10% active material in a hydrocarbon solvent to reduce the viscosity to a 
manageable level. Consequently, there are many patents detailing ways of improv-
ing the viscosity, handling, and dissolution into pipeline fluids of DRA polymers.55 
Many variations on emulsions, dispersions, and suspensions in water, oxygenated 
solvents, and hydrocarbon liquids have been proposed.56–57 One preferred way is 
to manufacture the DRA polymer as solid particles using grinding methods and 
disperse them in a nonsolvent liquid or emulsion. This enables a higher concentra-
tion (25–30%) DRA product to be made than if the DRA was dissolved in a solvent. 
It also reportedly gives improved performance.37,58–59 DRA polymers can also be 
microencapsulated to make them easy to handle and give them timed-release prop-
erties.60 The use of solid particles of polymeric DRA overcomes the problem of 
shear degradation at the injection valve. Studies have shown that it is here that deg-
radation is greatest, due to high extensional straining of polymer molecules, rather 

© 2009 by Taylor and Francis Group, LLC

  



390 Production Chemicals for the Oil and Gas Industry

than in turbulent pipe flow.61 Better latex suspension DRAs have been claimed that 
avoid transportation and handling of hazardous solvents and avoid settling and heat 
problems on site.62

Another improvement designed to overcome early shear degradation of the DRA 
polymer is to use a mixture of two DRA products.63 One product is designed to dis-
solve faster than the other. The second product does not dissolve straightaway but 
only further into the pipeline. Hence, when the first product has lost its performance 
due to shear degradation, the second product is available to keep up the overall drag-
reducing performance. One DRA product can be a precipitation slurry, which dis-
solves fairly quickly; the second product can be a ground polymer slurry, which 
dissolves more slowly.

A patented improvement on the use of solid particles as DRAs is to use a bimodal 
or multimodal particle size distribution.64 Drag reducers having larger particle sizes 
dissolve more slowly than drag reducers having smaller particle sizes. By using at 
least bimodal particle size distributions, drag reduction can be distributed more uni-
formly over the length of the pipeline where smaller sized particles dissolve sooner 
or earlier in the pipeline and larger sized particles dissolve later or further along 
the pipeline. Another method to improve the handling and injection of a UHMW 
polymeric DRA is to grind the polymer with a wax crystal modifier and suspend it 
in a suspending fluid.65 Freeze-protected, concentrated suspensions of low-viscosity 
polyolefin DRA particles that remain stable for long periods can be made by using a 
fatty acid–suspending medium, such as soya bean oil, and a modifier comprising of 
an oxygenated, polar organic compound, such as ethanol.65

A novel method of making an organometallic oil-soluble polymer DRA has been 
reported. Tri-n-butylstannyl fluoride exhibited 75% drag reduction in a capillary rhe-
ometer at 25,000 Reynolds number in hexane at 0.1% concentration, a similar result 
to polyisobutylene. Tri-n-butylstannyl chloride showed no drag reduction under 
these same conditions. Moreover, there was no loss of drag reduction of the fluoride 
product at high shear. The effectiveness of tri-n-butylstannyl fluoride is explained 
by the formation of a linear polymer, –Sn-F–Sn-F–, in which pentacoordinate tin is 
linked through fluorine bridges.66

17.3.2.5  oil-soluble Polymeric dras in multiphase Flow
Polymeric DRAs have been studied in a two-phase flow.67–68 UHMW polyolefin 
DRAs for gas condensate two-phase flow have been tested and drag reductions 
up to 65% observed. These polymers are typically used for oil flows.69 Oil-soluble 
polymeric DRAs have been tested in multiphase flow using oil and CO2 gas.70 In 
sharp contrast with expectations, the drag reduction was recovered mainly from the 
accelerational component indicating that the DRA worked not only in the buffer 
zone but also in the mixing zone in the slug body. The accelerational drag reduction 
reached values as high as 88% out of total drag reduction.71

17.3.3  Oil-SOluBlE SuRfACtAnt dRAS

Surfactant DRAs have been more extensively explored for water or multiphase flow 
applications. However, there are a few reports of nonpolymeric oil-soluble DRA studies.
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In single-phase hexane flow tests, an alkyl phosphate ester performed better than 
three UHMW polymers (20–100 ppm) at concentrations > 200 ppm and friction 
velocities < 0.3 ft/s.72 For these conditions, the ester yielded drag reduction levels 
up to 85% and exhibited negligible shear degradation. For concentrations less than 
100 ppm and friction velocities above 0.3 ft/s, a polymer product was the superior 
drag reducer in the absence of degradation. However, in a two-phase flow with hexane 
and natural gas, the polymer products were superior and at a lower concentration.

Aluminum carboxylate DRAs have been described.73 These additives are not sub-
ject to permanent shear degradation and do not cause undesirable changes in the 
emulsion or fluid quality of the fluid being treated, or undesirable foam. In addition, 
they are claimed to be easy to inject. Examples are aluminum dioctoate, aluminum 
distearate, and various mixtures. Another variation on this theme is to blend an 
aluminum monocarboxylate with at least one carboxylic acid on site to produce 
an aluminum dicarboxylate DRA. This avoids handling, transportation, and injection 
difficulties with very viscous solutions.74 Some of the classes of surfactants described 
for drag reduction aqueous solutions (see below) can be hydrophobic enough for use 
as DRAs in hydrocarbon liquids or multiphase transportation.

17.4  water-soluBle dras

Water-soluble DRAs can be divided into two categories:

High molecular weight linear polymers•	
Surfactants•	

Both of these categories are discussed below as well as the relationship between drag 
reduction and corrosion inhibition.

17.4.1  wAtER-SOluBlE POlymER dRAS

Many classes of water-soluble polymer exhibit drag-reducing properties, including 
cationic, anionic, or nonionic polymers.75–76 Water-soluble polymers that have been 
deployed as DRAs include:

PAM and partially hydrolyzed polyacrylamide (PHPA)•	
Other copolymers of acrylamide and acrylamide derivatives and acrylates•	
Polyethyleneoxide (PEO)•	
Polyvinyl alcohols•	
Polysaccharides and derivatives, such as:•	

Guar gum•	
Hydroxypropylguar•	
Xanthan•	
Carboxymethylcellulose (CMC)•	

Hydroxyethylcellulose (HEC)•	

Of these categories, UHMW acrylamide polymers and copolymers are the most-used 
DRAs in water-injection projects in the oil industry. The other class of water-soluble 
synthetic polymeric DRAs that has been well researched is the UHMW PEOs.
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17.4.1.1  Polysaccharides and derivatives
In general, synthetic water-soluble polymers perform better than the more biode-
gradable polysaccharides, probably due to the higher molecular weights obtainable 
and less shear problems.77–78 Synergism has been observed between solutions of 
polysaccharides and PAMs.79 Polysaccharides and derivatives are used as DRAs in 
the oil industry, for example, in fracturing operations. They are more susceptible to 
shear and biodegradation than the vinyl polymers. Guar gum and its derivatives are 
often considered the best of the natural polysaccharide DRAs (Figure 17.7). HEC 
(Figure 17.8) and CMC are also typical viscosifying, drag-reducing polysaccharide 
derivatives used in well operations. Polymer linearity is the key structural feature 
in polysaccharides for them to function as DRAs. This would explain why highly 
branched polysaccharides such as dextran and gum arabic are poor DRAs. Guar 
gum and other polysaccharides can be made more resistant to shear and biodegrada-
tion by grafting acrylamide on to them.80–81

17.4.1.2  Polyethyleneoxide drag-reducing agents
PEO is made by metal-catalyzed polymerization of ethylene oxide to give very high 
molecular weights (up to 8,000,000 Da; Figure 17.9).82–83 Base-catalyzed polymer-
ization of ethylene oxide gives poly(ethyleneglycol)s with lower molecular weights, 
< 100,000 Da. PEO is commercially available. Its use as a DRA appears to be outside 
the oil industry, since it is prone to shear degradation when injected or under turbu-
lent flow.84 PEO is also used as a thickener.
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Figure 17.7 Guar gum.
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17.4.1.3  acrylamide-Based dras
PAM, PHPA, and related acrylamide or acrylate polymers and copolymers have 
more practical use as DRAs than PEO, as they have a side chain and are less sus-
ceptible to shear degradation (Figure 17.9).85 Thus, PAM and related derivatives are 
generally the preferred polymeric water-soluble DRAs in the oil industry for water 
injection. A typical dose is 20–30 ppm in the water phase. Molecular weights of 
acrylamide copolymers can be as high as 20,000,000 Da. PHPA, which is mostly 
a copolymer of acrylamide and acrylate monomers, has been extensively used in 
water-injection polymer-flooding projects to increase the injected volumes. Up to 
70% drag reduction was obtained in single-phase flow laboratory experiments with 
a PHPA; lower values (50–60%) are normally obtained in the field.86 In multiphase 
flow, drag reduction is usually lower. PHPA is made by partially hydrolyzing PAM. 
Alternatively, polymers with similar DRA performance can be made by copolymer-
izing acrylamide with smaller amounts of acrylate monomer.87

Several acrylamide copolymers, mostly with larger monomers showed improved 
performance over PAM, for example, acrylamide copolymerized with diacetone-
acrylamide, sodium acrylamido-2-methylpropane sulfonate or sodium acrylamido-
3-methylbutenoate (Figure 17.10). Polymer molecular weights of up to 28,000,000 
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Figure 17.9 Polyethyleneoxide (left) and polyacrylamide (right).
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Figure 17.10 Sodium acrylamido-2-methylpropane sulfonate, sodium AMPS (left), 
sodium acrylamido-3-methylbutenoate (middle), and diacetoneacrylamide (right).
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Da were obtained. These polymers were capable of intermolecular associations.88 
In addition, hydrophobically modified PAMs with associating groups in solution 
performed better than polyampholytes, which collapsed due to intramolecular 
associations.89–90 Copolymers of acrylamide and alkyl poly(etheroxy)acrylates have 
also been claimed as improved acrylamide-based DRAs with large side chains.91

One drawback of PHPA or other polymers containing acrylate monomer is their 
reduced compatibility with high calcium brines. Various other ionic groups such 
as sulfonates (e.g., AMPS, Figure 17.10) that are more compatible can be incor-
porated into acrylamide copolymers. Another claimed example is acrylamide: 
(N-3-sulfopropyl)-N-methacryol-oxyethyl-N,N-dimethylammonium betaine copoly-
mer, where the betaine groups ensure good calcium compatibility.92 PAMs have also 
been shown to have reduced performance in the presence of ferric ions.93

Most polymer DRAs show reduced performance as low molecular additives 
(i.e., acids, bases, or salts) are dissolved in the aqueous solution. These additives 
screen the charges that are fixed along the chain backbone, which results in a decrease 
in the dimensions of the polymer molecule. The drag reduction diminishes as long as 
the chain continues to shrink. However, zwitterionic terpolymers of acrylamide/metal 
styrene sulfonate/methacrylamidopropyltrimethyl ammonium chloride show increas-
ing viscosity and DRA performance as the ionicity of the aqueous increases.94

Another study showed that addition of urea (a hydrogen-bond breaker) to the water 
phase greatly reduced the drag-reducing effect of acrylamide copolymers, whereas 
an increase in ionic strength by addition of sodium chloride had the opposite effect.95 
Aggregation of polymer chains in solution is not necessary for DRA effect, but it 
will give a larger volume to break up any turbulence. Aggregation has been shown to 
occur in dilute PAM and PEO solutions. High-chain flexibility appears to give good 
drag-reducing effect. Thus, polymethacrylamide should perform worse than PAM at 
the same chain length.

Although early theories suggested that polymer branching would be detrimental 
to the drag-reducing effect, some studies have shown otherwise. For example, highly 
branched high-molecular-weight PAM showed enhanced performance and shear sta-
bility.96 It is probably the higher hydrodynamic volume compared with linear PAM 
that is critical in this case. This is why linear polymers with large side chains are 
better DRAs than polymers with little or no side chains. However, it is difficult to 
get UHMW PAMs with a high percentage of large side chains. This is possible with 
polyolefins via Ziegler-Natta–catalyzed polymerization of olefins, but these organo-
metallic titanium or zirconium catalysts are not robust in the presence of such a polar 
monomer as acrylamide.

As with oil-soluble UHMW polymeric DRAs, there are difficulties in handling 
water-soluble polymers of such high molecular weights because of the high viscosity 
in polar solvents. The normal way around this problem for acrylamide-based DRAs 
is to use a water-in-oil emulsion of the polymer. This greatly reduces the viscosity 
of the product. A novel alternative to avoiding highly viscous solutions is to use a 
mixture of an anionic acrylamide copolymer and a cationic acrylamide copolymer 
of relatively low molecular weight. These will associate and form a complex when 
injected into the aqueous medium, causing much higher DRA performance than 
using the copolymers separately.97
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Simple monomeric surfactants affect the performance of DRAs such as PEO or 
PAM. At low surfactant concentration, the performance of PEO was worse, but at high 
concentration, the performance improved relative to pure PEO. This may be due to 
micellar structures at high concentration contributing to the drag-reducing effect.98

Water-soluble polymeric DRAs have also been proposed for use in multiphase 
flow although there do not appear to be any field applications reported yet.43,99–100 
For example, polymeric nanoemulsions having a hydrocarbon external phase and 
a PAM-based DRA aqueous internal phase have been claimed to reduce drag and 
friction in multiphase pipelines.101 The presence of water-soluble polymer DRA in 
oil-water flow laboratory pipe experiments extended the region of stratified flow and 
delayed transition to slug flow.102 It has also been claimed that PAMs that contain 
anionicity in the polymer backbone exhibit substantially lower emulsion creating 
tendency as compared with their cationically or neutrally modified congeners.103 It 
should also be mentioned that reducing the drag of a turbulent flowing multiphase 
fluid susceptible to viscous emulsion problems can be carried out by injecting a 
demulsifier at the wellhead.104

17.4.2  wAtER-SOluBlE SuRfACtAnt dRAS

Surfactants have been known for a long time to be capable of reducing drag in turbu-
lent flowing liquids.105 Surfactant additives have dual effects on frictional drag. First, 
they introduce viscoelastic shear stress, which increases frictional drag. Second, 
they dampen the turbulent vortical structures, decrease the turbulent shear stress, 
and then decrease the frictional drag. Since the second effect is greater than the first 
one, drag reduction occurs.106

Surfactant DRAs have been proposed as alternatives to polymer DRAs for water 
injection. Surfactant DRAs are only active at higher concentrations than UHMW 
polymeric DRAs. For example, 200 ppm of a good surfactant DRA may be needed 
for the same drag performance as 20 ppm of a UHMW polymeric DRA. Up to 80% 
drag reduction has been observed with surfactant DRAs. The reason for the high con-
centration with surfactant DRAs is that the surfactants, or blends or surfactants, need 
to be above a critical micelle concentration so they can associate into large-enough 
micelles.107 For some surfactants, these micelles can take on a rod-like nature. It is 
only these associated surfactant rodlike micelles and not individual surfactant mol-
ecules or spheroidal micelles that are capable of reducing eddies and bursts in turbu-
lent flow. Some water-soluble surfactants, which show no drag-reducing properties at 
ambient temperature, may perform as DRAs at elevated temperature just below their 
cloud point. This may be due to aggregation of the surfactants but not total collapse 
of the surfactant-water interactions.108

Since the late nineties, there has been renewed interest by the oil industry in sur-
factant DRAs, especially for use in seawater injection but also for water circulation 
in bundle pipelines. This may be for several reasons. First, although a higher con-
centration of surfactant DRA is needed compared with a UHMW polymeric DRA, 
the cost of UHMW polymeric DRAs is quite high. Hence, a cheaper surfactant can 
compete on a cost-performance basis. The second reason is that surfactant DRAs are 
not susceptible to permanent shear degradation as are the UHMW polymeric DRAs 

© 2009 by Taylor and Francis Group, LLC

  



396 Production Chemicals for the Oil and Gas Industry

and can therefore find applications where there is turbulent flow over long periods. 
If a thread-like micelle structure is damaged, it can repair itself further along the 
pipe.109 For seawater injection, this means surfactants DRAs can be injected before 
the pumps. Third, some surfactant DRAs are biodegradable and may be more easily 
accepted by some environmental authorities.

Many surfactant classes are capable of showing drag-reducing effects. Due to the 
higher concentrations needed for good DRA performance, the surfactants need to 
be made from fairly cheap materials. Many studies have been carried out on simple 
cationic surfactants such as cetyltrimethylammonium chloride but anionic surfac-
tants such as sodium dodecyl sulfate (SDS) have also been shown to exhibit drag 
reduction.110 For example, 400 ppm SDS in distilled water was shown to reduce the 
pressure drop by 25–40%.111

For cationic surfactants the nature and size of the corresponding anion can signif-
icantly affect the micellar shape and drag-reducing performance. In one study with 
a cationic surfactant, the anion was varied among three isomeric counterions, 2-, 3-, 
or 4-chlorobenzoate.112 Each isomer showed different types of rheological and drag-
reduction behavior and different micellar structures. The 4-Cl system showed good 
drag reduction and a rod-like micellar network, while the 2-Cl system showed 
no drag reduction, low apparent extensional viscosity, and only spherical micelles. 
The 3-Cl system gave more complicated behavior.

Cationic surfactants with large anions appear to be beneficial for forming rod-
like micelles. For example, cetyltrimethylammonium salicylate and cetylpyridinium 
salicylate are particularly preferred drag reducers although the anion could also be 
thiosalicylate, sulfonate, or hydroxynaphthenate (Figure 17.11).113–115 Erucyl methyl 
bis(2-hydroxyethyl) ammonium chloride does not require a large counterion to form 
viscoelastic micelles.

Further examples of cheap surfactants that can be used as DRAs include fatty 
acids, alkoxylated derivatives of fatty acids, organic, and inorganic salts of fatty acids 
and alkoxylated derivatives thereof (Figure 17.12).116 The more hydrophobic surfac-
tants in this class can be used for drag reduction in hydrocarbon liquids. These DRAs, 
and the cationic surfactants previously mentioned, can also provide the additional 
function of corrosion inhibition, which can reduce the overall cost of production 
chemical consumption. Other cheap surfactant DRAs are maleated fatty acids and 
the esters thereof and the organic, inorganic, or amine salts thereof.117 Particularly, 
preferred salts are imidazoline salts, which can provide corrosion protection.

Cooperative drag-reducing effects between polymers and surfactants have been 
reported.118 For example, results with PEO mixed with a homologous series of 
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Figure 17.11 Cetylpyridinium salicylate.
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carboxylate soaps suggest a cooperative micelle formed between soap and polymer. 
Furthermore, the enhanced drag reduction obtained is consistent with the model of 
surfactant molecules hydrophobically bonded to the polymer chain in which repulsion 
between adjacent polar surfactant groups promotes expansion of the polymer coil.

One company has done considerable work on alkanolamide and zwitterionic sur-
factant water-soluble DRAs and blends with other surfactants. These surfactants are 
capable of forming long cylindrical micelles, ideal for drag reduction. Some of the 
first surfactant DRAs they developed were based on alkoxylated alkanolamides.119 
However, they performed well only within a limited temperature range and in very 
low salinity soft water, not seawater. Blends of the alkoxylated alkanolamides with 
alkoxylated alcohols or an ionic surfactant, sulfonated, amphoteric, or zwitterionic 
surfactant, have been claimed as improvements.120–122 More recent work has concen-
trated on zwitterionic surfactants in double and triple blends. For example, a mixture 
of a zwitterionic surfactant in combination with an ether sulfate or ether carboxylate 
surfactant has been claimed (Figure 17.13). Specific examples are N-behenyl betaine 
mixed with sodium dodecyl ether sulfate.123 This mixture also has a low sensitivity 
to hard water. However, the amount of the surfactant necessary to obtain an essential 
reduction of the drag has been shown to be above 500 ppm. In addition, the forma-
tion of micelles and, therewith, the reduction of drag was expected to be negatively 
affected by the presence of large amounts of electrolytes. Thus, this type of DRA 
was regarded as suitable to be used in injection waters, but not when the injection 
water is based on seawater. A further improvement was a triple blend comprising two 
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Figure 17.12 Maleated fatty acid surfactant DRAs. Monoesters of these products are also 
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Figure 17.13 Examples of preferred zwitterionic (left) and alkyl ether sulfate surfactants 
for surfactant DRA blends.
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zwitterionic surfactants, each comprising an acyl group and an anionic surfactant 
where the hydrophilic group is a sulfate, a sulfonate, or an ether sulfate.124 This blend 
gave a very good drag-reducing effect at a concentration of 50–400 ppm, preferably 
60–300 ppm, at large temperature intervals within the range of 2–70°C (36–158°F), 
even in water with an electrolyte content of as a high as 7 wt.%.

The zwitterionic N-alkylbetaine/anionic surfactant DRA blends have already 
found one field application in the North Sea, to boost the heating capacity of a 10-km-
long pipe bundle heated with an aqueous glycol solution.125–126 Tests with a polymer 
DRA failed due to degradation of the polymer in the pumps during circulation of the 
heating fluid. For the goal of using surfactant DRAs in seawater injection, labora-
tory tests of a combination of a zwitterionic and an anionic surfactant in synthetic 
seawater have been reported to give a drag reduction between 75 and 80% with 
200 ppm of the surfactant blend at an average velocity of 1.9 m/s and between 50% 
and 55% at 2.9 m/s.127 Due to the self-healing properties of the drag-reducing struc-
tures formed by surfactants, these may be added before the pump section—contrary 
to polymers, which are permanently destroyed by high shear forces. The surfactants 
are also biodegradable.

17.4.3  dRAg REduCtiOn And CORROSiOn inhiBitiOn

Application of a DRA can reduce flow-induced localized corrosion.128 The mecha-
nism can be twofold. First, if the DRA is a surfactant, it can additionally perform as 
a film-forming corrosion inhibitor. For example, cetyltrimethylammonium salicy-
late and cetylpyridinium salicylate have been shown to work in both ways.129 Many 
film-forming corrosion inhibitors will show some drag-reducing properties above 
a critical micelle concentration.130 Second, a DRA will reduce turbulence near the 
walls of the pipe. This can slow down erosion corrosion by itself or help prevent a 
film-forming corrosion inhibitor from being removed from the pipe wall.11,131 One 
manufacturer of water-soluble polymer DRAs claims a corrosion reduction of 40% 
by using their polymer.
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