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Preface 

This petroleum and natural gas engineering two-volume handbook 
is written in the spirit of the classic handbooks of other engineering 
disciplines. The two volumes reflect the importance of the industry 
its engineers serve (i.e., Standard and Poor’s shows that the fuels sector 
is the largest single entity in the gross domestic product) and the 
profession’s status as a mature engineering discipline. 

The project to write these volumes began with an attempt to 
revise the old Practical Petroleum Engineer’s Handbook that Gulf 
Publishing had published since the 1940’s. Once the project was 
initiated, it became clear that any revision of the old handbook 
would be inadequate. Thus, the decision was made to write an 
entirely new handbook and to write this handbook in the classic 
style of the handbooks of the other major engineering disciplines. 
This meant giving the handbook initial chapters on mathematics 
and computer applications, the sciences, general engineering, and 
auxiliary equipment. These initial chapters set the tone of the 
handbook by using engineering language and notation common 
to all engineering disciplines. This common language and notation 
is used throughout the handbook (language and notation in nearly 
all cases is consistent with Society of Petroleum Engineers publication 
practices). The authors, of which there are 2’7, have tried (and we 
hope succeeded) in avoiding the jargon that had crept into petroleum 
engineering literature over the past few decades. Our objective was 
to create a handbook for the petroleum engineering discipline that 
could be read and understood by any up-to-date engineer. 

The specific petroleum engineering discipline chapters cover 
drilling and well completions, reservoir engineering, production, and 
economics and valuation. These chapters contain information, data, 
and example calculations related to practical situations that petroleum 
engineers often encounter. Also, these chapters reflect the growing 
role of natural gas in industrial operations by integrating natural 
gas topics and related subjects throughout both volumes. 

This has been a very long and often frustrating project. Through- 
out the entire project the authors have been steadfastly cooperative 
and supportive of their editor. In the preparation of the handbook 
the authors have used published information from both the American 



Petroleum Institute and the Society of Petroleum Engineers. The 
authors thank these two institutions for their cooperation in the 
preparation of the final manuscript. The authors would also like 
to thank the many petroleum production and service companies 
that have assisted in this project. 

In the detailed preparation of this work, the authors would like 
to thank Jerry Hayes, Danette DeCristofaro, and the staff of 
ExecuStaff Composition Services for their very competent prepara- 
tion of the final pages. In addition, the authors would like to thank 
Bill Lowe of Gulf Publishing Company for his vision and perseverance 
regarding this project; all those many individuals that assisted in 
the typing and other duties that are so necessary for the prepara- 
tion of original manuscripts; and all the families of the authors that 
had to put up with weekends and weeknights of writing. The 
editor would especially like to thank the group of individuals that 
assisted through the years in the overall organization and preparation 
of the original written manuscripts and the accompanying graphics, 
namely; Ann Gardner, Britta Larrson, Linda Sperling, Ann Irby, 
Anne Cate, Rita Case, and Georgia Eaton. 

All the authors and their editor know that this work is not 
perfect. But we also know that this handbook had to be written. 
Our greatest hope is that we have given those that will follow us, in 
future editions of this handbook, sound basic material to work with. 

William C. Lyons, Ph.D., P.E. 
Socorro, New Mexico 

X 
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5 
Reservoir Engineering 

Reservoir engineering covers a broad range of subjects including the occurrence 
of fluids in a gas or oil-bearing reservoir, movement of those or injected fluids, 
and evaluation of the factors governing the recovery of oil or gas. The objectives 
of a reservoir engineer are to maximize producing rates and to ultimately recover 
oil and gas from reservoirs in the most economical manner possible. 

This chapter presents the basic fundamentals useful to practical petroleum 
engineers. Topics are introduced at a level that can be understood by engineers 
and geologists who are not expert in this field. Various correlations are provided 
where useful. Newer techniques for improving recovery are discussed. 

The advent of programmable calculators and personal computers has dramatically 
changed the approach of solving problems used by reservoir engineers. Many 
repetitious and tedious calculations can be performed more consistently and 
quickly than was possible in the past. The use of charts and graphs is being 
replaced by mathematical expressions of the data that can be handled with 
portable calculators or personal computers. Programs relating to many aspects 
of petroleum engineering are now available. In this chapter, many of the charts 
and graphs that have been historically used are presented for completeness and 
for illustrative purposes. In addition, separate sections will be devoted to the 
use of equations in some of the more common programs suitable for program- 
mable calculators and personal computers. 

BASIC PRINCIPLES, DEFINITIONS, AND DATA 

Reservoir Fluids 

Oil and Gas 

Reservoir oil may be saturated with gas, the degree of saturation being a 
function, among others, of reservoir pressure and temperature. If the reservoir 
oil has dissolved in it all the gas it is capable of holding under given conditions, 
it is referred to as saturated oil. The excess gas is then present in the form of 
a free gas cap. If there is less gas present in the reservoir than the amount that 
may be dissolved in oil under conditions of reservoir pressure and temperature, 
the oil is then termed undersaturated. The pressure at which the gas begins to 
come out of solution is called the saturation pressure or the bubble-point 
pressure. In the case of saturated oil, the saturation pressure equals the reservoir 
pressure and the gas begins coming out of solution as soon as the reservoir 
pressure begins to decrease. In the case of undersaturated oil, the gas does not 
start coming out of solution until the reservoir pressure drops to the level of 
saturation pressure. 

Apart from its function as one of the propulsive forces, causing the flow of 
oil through the reservoir, the dissolved gas has other important effects on 
recovery of oil. As the gas comes out of solution the viscosity of oil increases 
and its gravity decreases. This makes more difficult the flow of oil through the 
reservoir toward the wellbore. Thus the need is quite apparent for production 
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4 Reservoir Engineering 

practices tending to conserve the reservoir pressure and retard the evolution 
of the dissolved gas. Figure 5-1 shows the effect of the dissolved gas on viscosity 
and gravity of a typical crude oil. 

The dissolved gas also has an important effect on the volume of the produced 
oil. As the gas comes out of solution the oil shrinks so that the liquid oil at 
surface conditions will occupy less volume than the gas-saturated oil occupied 
in the reservoir. The number of barrels of reservoir oil at reservoir pressure 
and temperature which will yield one barrel of stock tank oil at 60°F and 
atmospheric pressure is referred to as the formation volume factor or reservoir 
volume factor. Formation volume factors are described in a subsequent section. 
The solution gas-oil ratio is the number of standard cubic feet of gas per barrel 
of stock tank oil. 

Physical properties of reservoir fluids are determined in the laboratory, either 
from bottomhole samples or from recombined surface separator samples. 
Frequently, however, this information is not available. In such cases, charts such 
as those developed by M.B. Standing and reproduced as Figures 5-2, 5-3, 5 4 ,  
and 5-5 have been used to determine the data needed [1,2]. The correlations 
on which the charts are based present bubble-point pressures, formation volume 
factors of bubble-point liquids, formation volume factors of gas plus liquid 
phases, and, density of a bubble-point liquid as empirical functions of gas-oil 
ratio, gas gravity, oil gravity, pressure, and temperature. More recent correlations 
will be presented subsequently. 

Until recently, most estimates of PVT properties were obtained by using charts 
and graphs of empirically derived data. With the development of programmable 
calculators, graphical data are being replaced by mathematical expressions 
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Figure 5-1. Change in viscosity and gravity of crude oil due to dissolved gas. 
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Figure 5-2. Properties of natural hydrocarbon mixtures of gas and liquid: 
bubble point pressure [1,2]. 

Figure 5-3. Properties of natural hydrocarbon mixtures of gas and liquid: 
formation volume of bubble point liquids [1,2]. 
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M M P L E  

Figure 5-4. Properties of natural hydrocarbon mixtures of gas and liquid: 
formation volume of gas plus liquid phases [1,2]. 

Figure 5-5. Properties of natural hydrocarbon mixtures of gas and liquid: 
density and specific gravity of mixtures [1,2]. 
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suitable for computer use. In a later section, the use of such programs for 
estimating PVT properties will be presented. In the initial sections, the presenta- 
tion of graphical data will be instructive to gaining a better understanding of 
the effect of certain variables. 

Water 

Regardless of whether a reservoir yields pipeline oil, water in the form 
commonly referred to as interstitial or connate is present in the reservoir in 
pores small enough to hold it by capillary forces. 

The theory that this water was not displaced by the migration of oil into a 
water-bearing horizon is generally accepted as explanation of its presence. 

The amount of the interstitial water is usually inversely proportional to the 
permeability of the reservoir. The interstitial water content of oil-producing 
reservoirs often ranges from 10% to 40% of saturation. 

Consideration of interstitial water content is of particular importance in 
reservoir studies, in estimates of crude oil reserves and in interpretation of 
electrical logs. 

Fluid Viscosities 

Gas Viscosity. Viscosities of natural gases are affected by pressure, temperature, 
and composition. The viscosity of a specific natural gas can be measured in 
the laboratory, but common practice is to use available empirical data such as 
those shown in Figures 5-6 and 5-7. Additional data are given in the Handbook 
of Natural Gas Engineering [3]. Contrary to the case for liquids, the viscosity of 
a gas at low pressures increases as the temperature is raised. At high pressures, 
gas viscosity decreases as the temperature is raised. At intermediate pressures, 
gas viscosity may decrease as temperature is raised and then increase with 
further increase in temperature. 

Oil Viscosity. The viscosity of crude oil is affected by pressure, temperature, 
and most importantly, by the amount of gas in solution. Figure 5-8 shows the 
effect of pressure on viscosities of several crude oils at their respective reservoir 
temperatures [4]. Below the bubble-point, viscosity decreases with increasing 
pressure because of the thinning effect of gas going into solution. Above the 
bubble-point, viscosity increases with increasing pressure because of compression 
of the liquid. If a crude oil is undersaturated at the original reservoir pressure, 
viscosity will decrease slightly as the reservoir pressure decreases. A minimum 
viscosity will occur at the saturation pressure. At pressures below the bubble- 
point, evolution of gas from solution will increase the density and viscosity of 
the crude oil as the reservoir pressure is decreased further. 

Viscosities of hydrocarbon liquids decrease with increasing temperature as 
indicated in Figure 5-9 for gas-free reservoir crudes [5]. In cases where only the 
API gravity of the stock tank oil and reservoir temperature are known, Figure 
5-9 can be used to estimate dead oil viscosity at atmospheric pressure. However, 
a more accurate answer can be obtained easily in the laboratory by simply 
measuring viscosity of the dead oil with a viscometer at reservoir temperature. 

With the dead oil viscosity at atmospheric pressure and reservoir temperature 
(either measured or obtained from Figure 5-9), the effect of solution gas can 
be estimated with the aid of Figure 5-10 [6]. The gas-free viscosity and solution 
gas-oil ratio are entered to obtain viscosity of the gas-saturated crude at the 
bubble-point pressure. This figure accounts for the decrease in viscosity caused 
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Temperature, deg F Temperature, deg F 

Figure 5-7. Viscosity of natural gases as a function of temperature at four 
gravities [3]. 
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PRESSURE. psig 

Figure 5-8. Effect of pressure on crude oil viscosities [4]. 

by gas going into solution as pressure is increased form atmospheric to the 
saturation pressure. 

If the pressure is above the bubble-point pressure, crude oil viscosity in the 
reservoir can be estimated with Figure 51 1 [5]. This figure shows the increase in 
liquid viscosity due to compressioon of the liquid at pressures higher than the 
saturation pressure. Viscosity of the crude can be estimated from the viscosity at the 
bubble point pressure, and the difference between reservoir pressure and bubble- 
point pressure. 

Recent correlations [7] were presented in equation form for the estimation of 
both dead oil and saturated oil viscosities. These correlations, which are presented 
in the section on programs for hand-held calculators, neglect the dependence of oil 
viscosity on composition of the crude. If compositional data are available, other 
correlations [S-101 for oil viscosity can be used. 

Water Viscosity. In 1952, the National Bureau of Standards conducted tests [ 111 
which determined that the absolute viscosity of pure water was 1.0019 cp as 
compared with the value of 1.005 cp that had been accepted for many years. 
Effective July 1, 1952, the value of 1.002 cp for the absolute viscosity of water was 
recommended as the basis for the calibration of viscometers and standard oil 
samples. Any literature values based on the old standard are in slight error. Water 
viscosity decreases as temperature is increased as shown in Table 5-1. 
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Figure 5-9. Crude oil viscosity as a function of API gravity [5]. 
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Figure 5-10. Viscosities of gas-saturated crude oils at reservoir temperature 
and bubble-point pressure [6]. 
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" I  

UNDERSATURATED PRESSURE , psi 
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Figure 5-11. Increase in oil viscosity with pressure above bubble-point 
pressure [5]. 

Although the predominate effect on water viscosity is temperature, viscosity 
of water normally increases as salinity increases. Potassium chloride is an 
exception to this generality. Since most oilfield waters have a high sodium 
chloride content, the effect of this salt on viscosity of water is given in Table 5-2. 

For temperatures of interest in oil reservoirs (>60°F), the viscosity of water 
increases with pressure but the effect is slight. Dissolved gas at reservoir 
conditions should reduce the viscosity of brines; however, the lack of data and 
the slight solubility of gas in water suggest that this effect is usually ignored. 
Figure 5-12 is the most widely cited data for the effect of sodium chloride and 
reservoir temperature on water viscosity [ 131. 

Formatlon Volume Factors 

These factors are used for converting the volume of fluids at the prevailing 
reservoir conditions of temperature and pressure to standard surface conditions 
of 14.7 psia and 6OOF. 
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Table 5-1 
Viscosity of Pure Water 
at Varlous Temperatures 

1, "C 1, "F vlscOsltyl cp 

0 
10 
20 
25 
30 
40 
50 
60 
70 
80 
90 

100 

32 
50 
68 
77 
86 

104 
1 22 
140 
158 
176 
194 
21 2 

1.787 
1.307 
1.002 
0.8904 
0.7975 
0.6529 
0.5468 
0.4665 
0.4042 
0.3547 
0.3147 
0.2818 

From Reference 12. 

Table 5-2 
Vlscosities of Sodium Chlorlde 

Solutions at 68°F 

NaCl (wt X) Vlscoslty (cp) 

0.1 
0.3 
0.5 
1 .o 
1.5 
2.0 
3.0 
4.0 
5.0 

10.0 
15.0 
20.0 
25.0 

1.004 
1.008 
1.011 
1.020 
1.028 
1.036 
1.052 
1.068 
1.085 
1.193 
1.351 
1.557 
1.902 

From Reference 12. 

Gas Formation Volume Factor. The behavior of gas can be predicted from: 

pV = znRT (5-1) 

where p = absolute pressure 
V = volume of gas 
T = absolute temperature 
n = number of moles of gas 
R = gas constant 
z = factor to correct for nonideal gas behavior 
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Figure 5-12. Water viscosities for various salinities and temperatures [13]. 

For conventional field units, p is in psia, V is in ft3, T is in OR (OF + 460), z is 
dimensionless, n is in lb moles, and R is 10.73 psia ft3/lb mole OR [14]. The 
gas formation volume factor, Bg, is the volume of gas in the reservoir occupied 
by a standard fts of gas at the surface: 

- znR( T, + 460) - v ft3 B =  
5.615fts/bbl 5.615 (5-2) 

where T, is the reservoir temperature in OF. 
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Since one lb mole is equivalent to 379 ft3 at 60°F and 14.7 psia [15]: 

1 - X 10.73 
379 zTi7 

5.615 p P 
% = 0.00504- B, = (5-3) 

In this expression, Bg will be in reservoir barrels per standard ft3 (RB/scf). 
Gas formation volume factor can also be expressed in units of reservoir barrels 

per stock tank barrel or ft3 of gas at reservoir conditions per ft3 of gas at 
standard conditions: 

B, = 0.02827(460+TR)Z 
P (5-4) 

Because the gas formation volume factor can be expressed in so many 
different units (including the reciprocal of BB), caution should be exercised when 
Bg is used. In much of the recent petroleum literature, notably SPE, B, is 
expressed in RB/scf. If units of ft3/scf are given, Bg can be divided by 5.615 or 
multiplied by 0.1781 to get RB/scf. 

Gas formation volume factors can be estimated by determining the gas 
deviation factor or compressibility factor, z, at reservoir pressure, p, and 
temperature T, from the correlations of Standing and Katz [16] (Figure 5-13). 
To obtain the z factor, reduced pressure, pr, and reduced temperature, T ,  
are calculated: 

P Pr = -  
P C  

where p, is the critical pressure and 

T T, = - 
Tc 

(5-5) 

(5-6) 

where TE is the critical temperature. The critical pressure and temperature 
represent conditions above which the liquid and vapor phase are indistinguishable. 

Compressibility factor and gas formation volume factor can be more con- 
veniently estimated by the use of programs available for hand-held calculators. 
These programs will be subsequently discussed. 

011 Formatlon Volume Factor. The volume of hydrocarbon liquids produced 
and measured at surface conditions will be less than the volume at reservoir 
conditions. The primary cause is the evolution of gas from the liquids as 
pressure is decreased from the reservoir to the surface. When there is a 
substantial amount of dissolved gas, a large decrease in liquid volume occurs. 
Other factors that influence the volume of liquids include changes in tem- 
perature (a decrease in temperature will cause the liquid to shrink) and pressure 
(a decrease in pressure will cause some liquids to expand). All of these factors 
are included in the oil formation volume factor, Bo, which is the volume of oil 
in reservoir barrels, at the prevailing reservoir conditions of pressure and 
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Figure 5-13. Compressibility factors [16]. 

temperature, occupied by a stock tank barrel of oil at standard conditions. The 
withdrawal of reservoir fluids can be related to surface production volumes by 
obtaining laboratory PVT data with reservoir fluids. Such data include Bg (the 
gas formation volume factor), Bo (the oil formation volume factor), and R, (the 
solution gas-oil ratio which is the volume of gas in standard ft3 that will dissolve 
in one stock tank barrel of oil at reservoir conditions). 

The formation volume factor is used to express the changes in liquid volume 
accompanied by changes in pressure. Changes in formation volume factor with 
pressure for an undersaturated crude is displayed in Figure 5-14 [17]. As the 
initial reservoir pressure decreases, the all-liquid system expands and the 
formation volume factor increases until the bubble-point pressure is reached. 
As pressure decreases below the bubblepoint, gas comes out of solution, the 
volume of oil is reduced, thus, Bo decreases. For a saturated crude, the trend 
would be similar to that observed to the left of bubble-point pressure in Fig- 
ure 5-14. 
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Figure 5-14. Formation volume factor of the Big Sandy Field reservoir oil, by 
flash liberation at reservoir temperature' of 160°F. [17]. 

When two phases exist, the total formation volume factor or 2-phase formation 
volume factor is [17]: 

Bt = Bo + Bg (Rsi - RJ (5-7) 

which includes the liquid volume, Bo, plus the gas volume times the difference 
in initial solution gas-oil ratio, Rsi, and the solution gas-oil ratio at the specific 
pressure, RS. At pressures above the bubblepoint, Rsi equals Rs, and the single- 
phase and 2-phase formation volume factors are identical. At pressures below 
the bubblepoint, the 2-phase factor increases as pressure is decreased because 
of the gas coming out of solution and the expansion of the gas evolved. 

For a system above the bubblepoint pressure, Bo is lower than the formation 
volume factor at saturation pressure because of contraction of the oil at higher 
pressure. The customary procedure is to adjust the oil formation volume factor 
at bubble-point pressure and reservoir temperature by a factor that accounts for 
the isothermal coefficient of compressibility such as [ 181: 

Bo = Bob exp 1- '0 (p - p,)] (5-8) 

where Bob is the oil formation volume factor at bubblepoint conditions, pb is 
the bubble-point pressure in psi, and co is oil compressibility in psi-'. 

The basic PVT properties (Bo, Rs, and BJ of crude oil are determined in the 
laboratory with a high-pressure PVT cell. When the pressure of a sample of 
crude oil is reduced, the quantity of gas evolved depends on the conditions of 
liberation. In the flash liberation process, the gas evolved during any pressure 
reduction remains in contact with the oil. In the differential liberation process, 
the gas evolved during any pressure reduction is continuously removed from 
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contact with the oil. As a result, the flash liberation is a constant-composition, 
variable-volume process and the differential liberation is a variable-composition, 
constant-volume process. For heavy crudes (low volatility, low API gravity oils) 
with dissolved gases consisting primarily of methane and ethane, both liberation 
processes yield similar quantities and compositions of evolved gas as well as 
similar resulting oil volumes. However, for lighter, highly volatile crude oils 
containing a relatively high proportion of intermediate hydrocarbons (such as 
propane, butane, and pentane), the method of gas liberation can have an effect 
on the PVT properties that are obtained. An example of differences in formation 
volumes with flash and differential liberation processes can be seen in Figure 
5-15 [19]. Actual reservoir conditions may be somewhere between these extremes 
because the mobility of the liberated gas is greater than the oil, the gas is 
produced at a higher rate, and the oil in the reservoir is in contact with all of 
the initial solution gas for only a brief period [20]. Since volatile oil situations 
are uncommon [20], many engineers feel the differential liberation process 
typifies most reservoir conditions [ 191. For reservoir fluids at the bubblepoint 
when a well is put on production, the gas evolved from the oil as the pressure 
declines does not flow to the well until the critical gas saturation is exceeded. 
Since the greatest pressure drop occurs near the wellbore, the critical gas 
saturation occurs first near the well, especially if the pressure drop is large. In 
general, differential liberation data is applicable if the reservoir pressure falls 
considerably below the bubble-point pressure and the critical gas saturation is 
exceeded in the majority of the drainage area, as indicated by producing gas- 
oil ratios considerably in excess of the initial solution gas-oil ratio [17]. Flash 
liberation data may be applicable to reservoirs where there is only a moderate 
pressure decline below the bubblepoint, as indicated by producing gas-oil ratios 

Figure 5-15. Comparison of measured and calculated composite oil volume [19]. 
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not much higher than the initial solution gas-oil ratio, since the liberated gas 
stays in the reservoir in contact with the remaining oil [17]. 

Several correlations are available for estimating formation volume factors. 
Single-phase formation volume factors can be estimated from solution gas, 
gravity of solution gas, API gravity of the stock tank oil, and reservoir tem- 
perature by using the correlations of Standing [1,2]. Figure 5-3 provides Standing's 
empirical correlation of bubble-point oil formation volume factor as a function 
of the variables mentioned. Total formation volume factors of both solution gas 
and gas-condensate systems can be obtained from Standing's correlations given 
in Figure 5-4. 

Empirical equations have been developed [2 11 from Standing's graphical data. 
These equations provide the oil formation volume factor and the solution gas- 
oil ratio as functions of reservoir pressure [21]: 

0 (5-9) B = a ~ 1 . 1 7  + b 

where a is a constant that depends on temperature, oil API gravity and gas 
gravity and b is a constant that depends on temperature. Values of both 
constants are given in Table 5-3; other values can be interpolated. 

Solution gas-oil ratio can be estimated from: 

Rs = Y P'." (5-10) 

Table 5-3 
Values of Constants for Equation 5-9 

Values of a x l o5  
Oil gravity T = 120°F T = 140°F 

"API Gas gravity: 0.7 0.8 0.9 0.7 0.8 0.9 

26 2.09 2.55 3.10 2.03 2.58 3.13 
30 2.44 2.98 3.61 2.38 3.01 3.64 
34 2.85 3.48 4.21 2.78 3.51 4.24 
38 3.33 4.07 4.90 3.26 4.10 4.93 
42 3.89 4.75 5.71 3.82 4.78 5.74 

"API Gas gravity: 0.7 0.8 0.9 0.7 0.8 0.9 
011 gravity T = 160°F T = 180°F 

26 2.02 2.47 3.02 1.95 2.38 2.91 
30 2.33 2.85 3.48 2.27 2.78 3.39 
34 2.69 3.29 4.01 2.65 3.24 3.96 
38 3.10 3.80 4.62 3.09 3.79 4.61 
42 3.58 4.38 5.33 3.60 4.42 5.38 

Values of b 
T. "F b 

120 
140 
160 
180 

1.024 
1.032 
1.040 
1.048 

~~ 

From Reference 21. 
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where y is a constant that depends on temperature, gas gravity and oil gravity. 
Values of y are provided in Table 5-4. 

Additional correlations suitable for use with programmable calculators are 
discussed in a later section of this chapter. 

Water Formation Volume Factor. The factors discussed that affected Bo also 
affect the water formation volume factor, Bw. However, gas is only slightly soluble 
in water so evolution of gas from water has a negligible effect on Bw. Expansion 
and contraction of water due to reduction of pressure and temperature are slight 
and offsetting. Hence, Bw is seldom greater than 1.06 [18] and is usually near 
unity (see Table 5-5). 

Several correlations for Bw are available, including the effect of gas saturation 
in pure water and the effect of salinity [23], and the effect of natural gas on 
Bw as a function of pressure and temperature [24]. However, since Bw is not 
greatly affected by these variables, only a simplified correction is presented [MI: 

Bw = (1 + AVT)(l + AVWJ (5-1 1) 

where AVwp and AVwT are the volume changes caused by reduction in pressure 
and temperature, respectively. Values of these corrections are given in Figures 
5-16 and 5-17. 

Fluid Compresslbilitles 

Gas Compresslbility. The compressibility of a gas, which is the coefficient of 
expansion at constant temperature, should not be confused with the com- 
pressibility factor, z, which refers to the deviation from ideal gas behavior. From 
the basic gas equation (see Equation 5-2), Muskat [25] provided an expression 
€or the coefficient of isothermal compressibility: 

Table 5-4 
Values of Constant for Equation 5-10 

Oil gravity T = 120°F T = 140°F 
"API Gas gravity: 0.7 0.8 0.9 0.7 0.8 0.9 

26 
30 
34 
38 
42 

0.0494 0.0577 0.0645 0.0481 0.0563 0.0632 
0.0568 0.0660 0.0737 0.0550 0.0635 0.0721 
0.0654 0.0755 0.0842 0.0630 0.0736 0.0823 
0.0752 0.0864 0.0962 0.0720 0.0841 0.0939 
0.0865 0.0989 0.1099 0.0824 0.0961 0.1071 

Oil gravlty T = 160°F T = 180°F 
"API Gas gravity: 0.7 0.8 0.9 0.7 0.8 0.9 

26 
30 
34 
38 
42 

0.0453 0.0519 0.0591 0.0426 0.0481 0.0543 
0.0522 0.0597 0.0677 0.0492 0.0557 0.0629 
0.0601 0.0686 0.0775 0.0567 0.0645 0.0728 
0.0692 0.0788 0.0887 0.0654 0.0747 0.0842 
0.0797 0.0906 0.1 01 6 0.0755 0.0865 0.0975 

From Reference 21. 
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Table 5-5 
Formation Volumes of Water 

Formation volumes, bbllbbl 
Pressure 100°F 150°F 200°F 250°F 

psia Pure water 
~ 

5,000 0.991 0 1.0039 1.021 0 1.0418 
4,000 0.9938 1.0067 1.0240 1.0452 
3,000 0.9966 1.0095 1.0271 1.0487 
2,000 0.9995 1.01 25 1.0304 1.0523 
1,000 1.0025 1.01 53 1.0335 1.0560 

Vapor pressure of water 1.0056 1.0187 1.0370 1.0598 

Saturation pressure 
psia Natural gas and water 

~~ 

5,000 
4,000 
3,000 
2,000 
1,000 

0.9989 1.0126 1.0301 1.0522 
1.0003 1.0140 1.031 6 1.0537 
1.001 7 1.01 54 1.0330 1.0552 
1.0031 1.01 68 1.0345 1.0568 
1.0045 1.01 83 1.0361 1.0584 

From Reference 22. 
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Figure 5-16. Change in water volume due to pressure reduction [18]. 
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IO 

Temperature, F. 

Figure 5-17. Change in water volume due to temperature reduction [18]. 

(5-12) 

For perfect gases (z = 1 and dz/dp = 0), cs is inversely proportional to pres- 
sure. For example, an ideal g a s  at 1,000 psia has a compressibility of 1/1,000 
or 1,000 x psi-’. However, natural hydrocarbon gases are not ideal gases and 
the compressibility factor, z, is a function of pressure as seen in Figure 5-18 
[17]. At low pressures, z decreases as pressure increases and dz/dp is negative; 
thus, cg i s  higher than that of an ideal gas. At high pressures, dz/dp is positive 
since z increases, and cs is less than that of a perfect gas. 

Compared to other flwds or to reservoir rock, the compressibility of natural gas 
is large; cg ranges from about 1,000 x psi-’ 
at 5,000 psi [227]. Compressibility of natural gases can be obtained from laboratory 
PVT data or estimated from the correlations given by Trube [27] (see Figures 
5-19a and 5-19b). Trube defined the pseudo-reduced compressibility of a gas, 

psi-’ at 1,000 psi to about 100 x 
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Figure 5-18. Gas compressibility from the gas deviation factor vs. pressure [17]. 

c 
respectlvely [27]: 

as a function of pseudo-reduced temperature and pressure, Tpr and ppr, 
P" 

(5-13) 

where p,, is the pseudo-critical pressure (reduced and critical pressures have been 
defined earlier). Gas compressibility is computed for the pseudo-reduced com- 
pressibility from the appropriate figure: 

(5-14) 

Pseudo-critical pressures and temperatures can be calculated from the mole 
fraction of each component present in hydrocarbon gas mixture or estimated 
from Figure 5-20 [3]. 

Oil Compressibility. The compressibility of oil, co, can be obtained in the 
laboratory from PVT data. In the absence of laboratory data, Trube's correlation 
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Figure 5-19 (a and b). Variation of reduced compressibility with reduced 
pressures for various fixed values of reduced temperature [27l. 
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Figure 5-20. Pseudo-critical properties of natural gases [3]. 

[28] for compressibility of an undersaturated 6il in Figure 5-21 can be used in 
a similar fashion as previously discussed for cg. Pseudo-critical temperature and 
pressure can be estimated from Figure 5-22 or 5-23. With the pseudo-reduced 
compressibility from Figure 5-2 1, oil compressibility can be estimated: 

(5-15) CPr C" = - 
P P C  

For conditions below the bubblepoint, dissolved gas must be taken into account. 
In the absence of laboratory data, the changes in R, and Bo with changes in 
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Figure 5-21. Variation of pseudo-reduced compressibility with 
pseudo-reduced pressures for various fixed values of pseudo-reduced 
temperature [28]. 
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Figure 5-22. Approximate variation of pseudo-critical pressure and pseudo- 
critical temperature with specific gravity of liquid corrected to 60°F [28]. 
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Figure 5-23. Variation of pseudo-critical temperature with specific gravity and 
bubble point of liquid corrected to 60°F [28]. 

pressure can be approximated from Figures 5-24 and 5-25 which were developed 
by Ramey [26] from Standing's [l] data: 

(5-16) 

Bo can be estimated from Figure 5-3, and gravities of both oil and gas must be 
known. Oil compressibility is often on the order of 10 x 

Water Compressibility. Although the best approach is to obtain water com- 
pressibilities from laboratory PVT tests, this is seldom done and the use of 
correlations [22] such as are given in Figures 5-26 and 5-27 is often required. 
The compressibility of nongas-saturated water ranges from 2 x psi-' to 
4 x psi-' and a value of 3 x psi-' is frequently used [13]. The com- 
pressibility of water with dissolved gas ranges from 15 x psi-' at 1,000 psi 
to 5 x loM6 psi-' at 5,000 psi [26]. 

Estlmation of Fluid Properties with Programmable 
Calculators and Personal Computers 

With the recent widespread use of hand-held programmable calculators and 
desk-top personal computers, engineers are no longer faced with estimating fluid 
properties from charts and graphs. Much of the data in the literature have been 

psi-'. 
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Figure 5-24. Change of gas solubility in oil with pressure vs. gas in solution [26]. 
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Figure 5-25. Change of oil formation volume factor with gas in solution vs. oil 
formation volume factor [26]. 
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Flgure 5-26. Effect of dissolved gas on the compressibility of water 1221. 

transmitted to empirical equations suitable for use with programmable cal- 
culators or personal computers. In some cases, improved empirical data have 
been presented recently. This section provides a number of the expressions 
available for computer use and also provides references for recent books devoted 
to programs for hand-held calculators. References to some of the software 
available for personal computers will be given. 

Data from Figure 5-12 have been used to develop a correlation for water 
viscosity that can be used on programmable calculators [29]: 
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Figure 5-27. Solubility of natural gas in water [22]. 

P, =(A+;). (5-17) 

where A = - 0.04518 + 0.009313 (%NaCI) - 0.000393 (%NaC1)5 
B = 70.634 + 0.09576 (%NaCI)2 
T = temperature, O F  

fpt = 1 + [3.5 E - 12 p2 (T - 40)] 

The correlation should only be used as an estimate and applies for pressures 
less than 10,000 psi, salinity less than 26% NaCI, and in a temperature range 
of 60" to 400°F. 
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In 1977, Standing's classic work [2] was reprinted [30] by the Society of 
Petroleum Engineers and an appendix was added by Standing that provides 
equations for several of the charts in the original work. Most of the equations 
were developed by simple curve fitting procedures. Some equations were based 
on computer solutions by other individuals; details of this will not be presented 
here and the reader is referred to Appendix 2 of Reference 30. Gas viscosity 
can be estimated from the correlations of Cur,  Kobayashi, and Burrows [31] 
(the basis of Figures 5-6 and 5-7); first the atmospheric value of gas gravity at 
reservoir temperature, estimated from gravity and nonhydrocarbon content: 

p, = (pl uncorrected) + (N, correction) + (CO, correction) 
+ (H,S correction) (5-18) 

where (pl uncorrected) = [1.709(10") - 2.062(10-6)yg]T + 8.188(10") 

(N,  correction) = yNP[8.48(1O6)logyg +9.59(10")] 
(CO, correction) = y,,[9.08(10")logyg + 6.24(10")] 
(H,S correction) = yw[ 8.49( lo-') log yg + 3.73( lo")] 

- 6.15( 10") log yg 

is adjusted to reservoir conditions by a factor based on reduced temperature 
and pressure: 

where a, = - 2.462 118 20E - 00 
a, = 2.970 547 14E - 00 
ap = - 2.862 640 54E - 01 
a, = 8.054 205 22E - 03 
a4 = 2.808 609 49E - 00 
a5 = - 3.498 033 05E - 00 
a6 = 3.603 730 20E - 01 
a7 = - 1.044 324 13E - 02 

a, = - 7.933 856 84E - 01 
a, = 1.396 433 06E - 00 

a,, = - 1.491 449 25E - 01 
a,, = 4.410 155 12E - 03 
a,, = 8.393 871 78E - 02 
a,, = - 1.864 088 48E - 01 
aI4 = 2.033 678 81E - 02 
aI5 = - 6.095 792 63E - 04 

( = 0.00 060 957 9263) 

A reasonable fit to Beal's correlation (Figure 8 of Reference 5) of gas-free or 
dead oil viscosity (which is not very precise) is given by Standing: 

1.8(10')]( 360 )' 
0.32+- - T + 200 (5-20) 

where a = antilog 
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The dead oil viscosity can then be adjusted for dissolved gas with the correlation 
by Chew and Connally [6] (Figure 5-10) for saturated oil: 

where A and b are functions of solution gas-oil ratio. 
Fit of A and b values given in Table 3 of Reference 6 are 

A = antil0g{R,[2.2(10-~)R, -7.4(104)]} 

0.68 + 0.25 + 0.062 
ioa6*( 10" ) R, 101.1 (1 o - ~  ) R, ( 10" R, 

b =  

The equation for compressibility factors of natural gases (Figure 5-13) is: 

Z = A + (1 - A)/eB + C pD,, (5-22) 

where A = 1.39(Tpr - 0.92)0.5 - 0.36Tpr - 0.101 

0 32 6 -0.037 pir +- 1 l o g ( ~ ; : )  Ppr 

0.066 
(Tpr -0.86) 

B = (0.62 - 0.23Tpr)pp, + 

C = (0.132 - 0.32 log Tpr) 
D = antilog (0.3106 - 0.49Tpr + 0.1824Tir) 

T, is the dimensionless pseudo-reduced temperature, and p, is the dimensionless 
pseudo-reduced pressure. The relationship between formation volume factor of 
bubble-point liquids and gas-oil ratio, dissolved gas gravity, API oil gravity, and 
temperature (Figure 5-3) is [30]: 

Bo, = 0.9759 + 12 (10-5)(CN)Bob 1.2 (5-23) 

0.5 

where (CN)Bob = R s ( 2 )  +1.25T 

where (CN)Bo, = bubble-point formation volume factor correlating number 
R, = solution gas-oil ratio in ft3/bbl 
y, = gas gravity (air = 1) 
yo = oil specific gravity (water = 1) 
T = temperature in OF 

The correlation of bubble-point pressure with dissolved gas-oil ratio, dissolved 
gas gravity, API oil gravity, and temperature (Figure 5-2) is [30]: 

P, = 18.2[(CN)pb - 1.41 (5-24) 
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where (CN) is the bubble-point pressure correlating number and the other 
terms have geen previously defined. 

Standing also presents equations for; density correction for compressibility 
of liquids; density correction for thermal expansion of liquids; apparent liquid 
densities of natural gases; effect of condensate volume on the ratio of surface 
gas gravity to well fluid gravity; pseudo-critical constants of gases and con- 
densate fluids; pseudo-liquid density of systems containing methane and ethane; 
and pseudecritical temperatures and pressures for heptane and heavier. 

Beggs and Robinson [7] recently collected PVT data and presented a better esti- 
mate of the dead oil viscosity as a function of temperature and oil specific gravity: 

POD = l o x  - 1 (5-25) 

where poD = viscosity in cp of the gas-free oil at temperature, T, and X = yT-l.IS3, 
y = loz, and Z = 3.0324 - 0.02023 yo, with T in "F and the oil gravity y in "API. 
An expression was also given for the saturated oil viscosity, p, or live oil below 
the bubblepoint which results from a linear relationship between log poD and 
log p for a given value of dissolved gas, Rs: 

P = A VBon (5-26) 

where A = 10.715 (Rs + 
B = 5.44(Rs + 150)-0.338 
Rs = sd/STB 

In the first book specifically for hand-held calculators, Hollo and Fifadara [32] 
presented programs for estimating gas deviation factor (based on data of 
Standing and Katz): 

Z = 1 + (A, + AJT, + AJT,S)pR + (A4+ AdTR)pR* + A,pR*/T,S (5-27) 

where pR= 0.27 P$ZTR T, = T/Tc 
A, = 0.31506 
A, = 0.5353 

A, = - 1.0467 
A, = - 0.6123 

P, = P/Pc 
A, = - 0.5783 
A, = 0.6815 

A program was also presented to calculate the single-phase formation volume 
factor using ,the correlation developed by Standing: 

1.175 

Bo = 0.9'72 + 1.47 io4 [ (R,)( :1"" + I.,,,] (5-28) 

where y, = solution gas specific gravity 
yo = stock tank oil specific gravity (141.5/131.5 + "API) 
T = temperature, "F 
Rs = solution gas-oil ratio, scf/STB 
Bo = single-phase formation volume factor, RB/STB 

OAPI = stock tank oil gravity, "API 

In 1980 Vazquez and Beggs [33] published improved empirical correlations 
for some of the commonly required crude oil PVT properties. Their study 
utilized a much larger database than was used in previous work so the results 
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are applicable to a wider range of oil properties. The empirical correlations, 
presented as a function of gas specific gravity, oil API gravity, reservoir 
temperature, and pressure, are particularly convenient to use with hand-held 
calculators. Gas gravity was found to be a strong correlating parameter. Since 
gas gravity depends on es-oil separation conditions, Vazquez and Beggs chose 
100 psig as a reference pressure, which resulted in a minimum oil shrinkage 
for the separator tests available. Thus, gas gravity must first be corrected to 
the value that would result from separation at 100 psig: 

y, = y, [l + 5.912 x 10-5(y,)(T)log(p/l14.7)] (5-29) 

where y, = gas gravity (air = 1) that would result from separator conditions of 
100 psig 

y, = gas gravity obtained at separator conditions of p and T 
p = actual separator pressure, psia 
T = actual separator temperature, O F  

yo = oil gravity, OAPI 

For both dissolved gas and oil formation volume factor, improved correlations 
were obtained when the measured data were divided into two groups, with the 
division made at an oil gravity of SOOAPI. The expression for dissolved gas 
was presented: 

R, = C,~~,P~=P{C,[~,/(T + 460)11 (5-30) 

Values for the coefficients are as follows. 

Coefficient yo I 30 Yo > 30 

0.0362 0.0178 
1.0937 1.1870 

25.7240 23.9310 

Cl 
c2 
c3 

For saturated oils (reservoir pressure less than bubblepoint), oil formation 
volume factor was expressed as: 

The values for the coefficients depend on oil gravity and are given by the 
following: 

Coefficient yo 5 30 Yo > 30 
4.677 x 4.670 x 

1.337 x 
1.751 x 1.100 x 10-5 

Cl 
c, 
c, - 1.811 x lo-* 

Since the oil formation volume of an undersaturated crude depends on the 
isothermal compressibility of the liquid, the oil formation volume as pressure 
is increased above bubble-point pressure was calculated from: 
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The correlation for compressibility of oil was given as: 

co = (a, + %Rs + a,T + a4r, + a5Yo)/a,P 

where a, = - 1,433.0 
a, = 5.0 
a, = 17.2 
a4 = - 1,180.0 
as = 12.61 
as = 105 

35 

(5-33) 

Vazquez and Beggs also presented an equation for viscosity of undersaturated 
crude oils that used the correlations of Beggs and Robinson: 

P o  = ~ob(p/pb)” (5-34) 

C; = 1.187 
C, = - 11.513 
C, = - 8.98 X lo-’ 

The improved correlations of Vazquez and Beggs were incorporated by 
Meehan in the development of programs for hand-held calculators. These 
programs were presented in a series of articles in the Oil and Gas Journul [34-33]. 
Reference 34 contains the programs for calculating gas gravity, dissolved gas- 
oil ratio, oil formation volume factor and oil compressibility. Reference 35 
contains the program for calculating oil viscosity. 

See References 36-40 for a list of books devoted to the use of programs for 
handheld calculators and personal computers. 

Properties of Fluid-Containing Rocks 

Porosity 

The porosity, 4, is equal to the void volume of the rock divided by the bulk 
volume and is expressed as a percent or fraction of the total bulk volume of 
the rock. Oil-bearing sandstones have porosities which often range from 15% 
to 30%. Porosities of limestones and dolomites are usually lower. 

Differentiation must be made between absolute and effective porosity. Absolute 
porosity is defined as the ratio of the total pore volume of the rock to the total 
bulk volume of the rock whereas effective porosity is defined as the ratio of 
the interconnected pore volume of the rock to the total bulk volume of the rock. 

Factors affecting porosity are compactness, character and amount of cementa- 
tion, shape and arrangement of grains, and uniformity of grain size or distribution. 

In problems involving porosity calculations it is convenient to remember that 
a porosity of one percent is equivalent to the presence of 77.6 barrels of pore 
space in a total volume of one acre-foot of sand. 

Pore Volume 

The pore volume of a reservoir is the volume of the void space, that is, the 
porosity fraction times the bulk volume. In conventional units, the pore volume, 
V,, in reservoir barrels is: 
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V, = 7758 V,,4 = 7,758 A h @ (5-35) 

where Vb is the bulk volume in ac-ft. A is the area in ft2, h is the reservoir 
thickness in ft. and @ is the porosity expressed as a fraction. 

The permeability of a rock is a measure of the ease with which fluids flow 
through the rock. It is denoted by the symbol k and commonly expressed in 
units of darcies. Typical sandstones in the United States have permeabilities 
ranging from 0.001 to a darcy or more, and for convenience the practical unit 
of permeability is the millidarcy which equals 0.001 darcy. Some other useful 
conversion factors are given in Table 5-6. 

Absolute Permeabllity 

If a porous system is completely saturated with a single fluid, the permeability 
is a rock property and not a property of the flowing fluid (with the exception 
of gases at low pressure). This permeability at 100% saturation of a single fluid 
is termed the absolute permeability. 

Darcy Equation 

The Darcy equation relates the apparent velocity, v, of a homogeneous fluid 
in a porous medium to the fluid viscosity, p, and the pressure gradient, Ap/L 

(5-36) 

This equation states that the f h i d  velocity is proportional to the pressure 
gradient and inversely proportional to fluid viscosity. The negative sign indicates 
that pressure decreases in the L direction when the flow is taken to be positive. 
The flow rate, q, is understood to be positive during production and negative 
during injection. As shown in Table 5-6, the Darcy equation can de written as: 

Linear Flow. In the Darcy equation for linear displacement: 

(5-37) 

where q = fluid flow rate, cm3/sec 
A = cross-sectional area of rock perpendicular to flow, cme 
p = pressure difference (in atm) across the distance L parallel to flow 

p = viscosity of fluid, cp 
direction, cm 

A rock has permeability of one darcy if it permits the flow of one cc per 
second of a one-phase fluid having viscosity of one centipoise under the pressure 
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Table 5-6 
Permeabllltv Conversion Factors 

1 darcy = 1,000 rnillidarcies; 1 rnillidarcy = 0.001 darcy 
= 0.9869233 pm2 (1 rnd G 109 pn2) 

1 darcy = ( =/s=)( CP) 
( c d )  (atrn)/crn 

= 9.869 x l 04cd  

= 1.062 x 1O-”ff 

From Reference 19. 

gradient of one atmosphere per centimeter. For liquid flow in a linear porous 
system, the flow rate q in barrels per day is [20]: 

(5-39) 

where k is in darcies, A is in ft2, p is in cp, L is in ft, and pressures are in psia, 
For laminar gas flow in a linear system [20]: 

where q is in Mscf/D, T is in OR(’, + 460), z is the dimensionless compressibility 
factor, and the other terms are in units consistent with Equation 5-39. 

Radial Flow. Production from or injection into a reservoir can be viewed as 
flow for a cylindrical region around the wellbore. For the steady-state radial flow 
of an incompressible fluid [19]: 
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where q = volume rate of flow, cc/sec 
k = permiability, darcies 
h = thickness, cm 
p = viscosity, cp 

p, = pressure at external boundary, atm 
p, = pressure at internal boundary, atm 
re = radius to external boundary, cm 
rw = radius to internal boundary, cm 
In = natural logarithm, base e 

For the flow rate, q, in the barrels per day of a liquid [19]: 

(5-42) 

where k is in darcies, h is in ft. pressures are in psia, p is in cp, and the radii 
are in consistent units, usually feet. For the laminar flow of a gas in MscfD [20]: 

where T is in OR, z is the dimensionless compressibility 
terms are as defined in Equation 5-42. 

Capacity 

(5 43) 

factor, and the other 

Flow capacity is the product of permeability and reservoir thickness expressed 
in md ft. Since the rate of flow is proportional to capacity, a 10-ft thick 
formation with a permeability of 100 md should have the same production as 
a 100-ft thick formation of 10 md, if all other conditions are equivalent. 

Transmissibility 

Transmissibility is flow capacity divided by viscosity or kh/p with units of 
md ft/cp. An increase in either reservoir permeability or thickness or a decrease 
in fluid viscosity will improve transmissibility of the fluid in the porous system. 

Resistivity and Electrical Conductivlty 

Electrical conductivity, the electrical analog of permeability, is the ability of 
a material to conduct an electrical current. With the exception of certain clay 
minerals, reservoir rocks are nonconductors of electricity. Crude oil and gas are 
also nonconductors. Water is a conductor if dissolved salts are present so the 
conduction of an electric current in reservoir rocks is due to the movement of 
dissolved ions in the brine that occupies the pore space. Conductivity varies 
directly with the ion concentration of the brine. Thus, the electrical properties 
of a reservoir rock depend on the fluids occupying the pores and the geometry 
of the pores. 

Resistivity, which is the reciprocal of conductivity, defines the ability of a 
material to conduct electric current: 

rA 
L 

R = -  (544) 
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where R is the resistivity in ohm-meters, r is the resistance in ohms, A is the 
cross-sectional area in m2, and L is the length of the conductor in meters. As 
seen in Figure 5-28, resistivity of water varies inversely with salinity and 
temperature [41]. 

During flow through a porous medium, the tortuous flow paths cause the 
flowing fluid to travel an effective length, L$ that is longer than the measured 
length, L. Some authors have defined this tortuosity, 2, as (LJL) while (LJL)e 
has been used by others. 

Formation Resistivity Factor 

The formation resistivity factor, FR, is the ratio of the resistivity of a porous 
medium that is completely saturated with an ionic brine solution divided by the 
resistivity of the brine: 

(5-45) 

where Ro is the resistivity (ability to impede the flow electric current) of a brine- 
saturated rock sample in ohm-m, R, is the resistivity of the saturating brine in 
ohm-m, and FR is dimensionless. The formation resistivity factor, which i s  always 
greater than one, is a hnction of the porosity of the rock (amount of brine), pore 
structure, and pore size distribution. Other variables that affect formation factor 
include composition of the rock and confining pressure (overburden). 

Archie [42] proposed an empirical fornula that indicated a p a - l a w  dependence 
of F, on porosity: 

FR = $-" (5-46) 

where t$ is porosity and m is a constant (commonly called the cementation factor) 
related to the pore geometry. The constant, m, was the slope obtained from a 
plot of FR vs. porosity on log-log paper. For consolidated, shale free sandstones, 
the value of m ranged from 1.8 to 2. For clean, unconsolidated sands, m was 
found to be 1.3, and Archie speculated that m might vary from 1.3 to 2 for 
loosely or partly consolidated sands. Fquations 5-45 and 5-46 were also combined 
by Archie to give: 

so that a reasonable estimate of F, or Ro can be made if the slope, m, 
is obtained. 

Several other correlations [43-551, mostly empirical, between formation factor 
and porosity have been reported in the literature and these are summarized in 
Table 5-7. 
From an analysis of about 30 sandstone cores from a number of different 

reservoirs throughout the United States, Winsauer et al. [45] presented what is 
now known as the Humble relation: 

F, = 0.62$-*.'5 (5-48) 
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Figure 5-28. Resistivity of saline solutions [41]. 
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Table 5-7 
Correlations of Formatlon Resistivity Factor and Porosity 

Source Relation Notes 

Archie [42] F, = @* 

zq2 

FR =T Wyllie and Rose [43] 

For consolidated sands, m= 1.8 
to 2.5. For unconsolidated sands, 
m = 1.3. 

Tortuosity z = LJL 

For limestone 1 F -7 
, - @  

Tixier [44] 

22 F, = - 
@ 

Winsauer et al [45] Theory 

z1.07 

Experimental (transport time of 

Sandstones containing varying 
amounts of clay 

WyllielGregory [46] F, = a$-" General form of Archie relation 

FR =T flowing ions) 
F, = 0.62 $-'-"'' 

L', Cornell and Katz [47] F, = F, directly proportional to length 
and inversely proportional to area 

Owen [48] 

Hill and Milburn [49] 

F, = 0.68 $4a 

F, = 1.4@-1.78 

Logs in dolomite, mud filtrate 
same resistivity as connate water 

Results of 450 sandstone and 
limestone cores with R, of 
0.01 ohm-m 
When a = 1 

Model of capillary bundle, for 
conducting wetting phase 

FFI = 4+s 
1 

Wyllie/Gardner [50] FR = F  
Sweeney/Jennings [51] F, = $-" 

m = 1.57 
m = 1.92 
m = 2.01 

25 various carbonates 
Water-wet 
Intermediate wettability 
Oil-wet 

Carothers [52] F, = 1.45 Sandstones 
F, = 0.85 Limestones 

Porter/Carothers [53] F, = 2.45 $-l.08 From California logs 
F, = 1.97 $-1,z9 

F, = 1.13 $"." 

F, = 1 + G ( p  - 1) 
F, = 1 + 1.03($-1.75 - 1) 

From Gulf Coast logs. All 
sandstones, S,= 100% 

Analysis of over 1,800 sandstone 
samples 

General theoretical relation 
Theoretical relation for sandstones 

Timur [54] 

Perez-Rosales [55] 
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(text continued j%m page 39) 
Wyllie and Gregory [46], citing their results and the results of Winsauer et 

al. [45], proposed that the data for consolidated porous media could be best 
described empirically by: 

F, = at$-" (549) 

Results of a logging study in the Brown Dolomite formation, in which the 
resistivity of the mud filtrate w a s  the same as the connate water, were used by 
Owen [48] to establish a relationship between the true formation factor and 
porosity. Shown in Figure 5-29 are the rerationships obtained with the equations 
of Archie, Winsauer, et al., and Tixier. 

2. 4 6 8 1 0  20 40 60 80 I00 

POROSITY + , V0 

Figure 5-29. Formation factor vs. porosity from logs of Brown Dolomite 
formation [48]. 
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Hill and Milburn [49] provided data from 450 core samples taken from six 
different sandstone formations and four different limestone reservoirs. The 
sandstone formations were described as ranging from clean to very shaly. The 
formation factor was determined at a water resistivity of 0.01 ohm-m since, at 
that value, the apparent formation factor approached the true formation factor 
when the rock contained low-resistivity water. From their data, the following 
equation was provided: 

F~ I: 1.44-1.7a (5-50) 

An expression was also provided for the case in which the constant, a, in 
Equation 5-49 is taken as unity: 

FR (5-51) 

Using 981 core samples (793. sandstone and 188 carbonate), Carothers [52] 
established a relationship for sands: 

FR = 1.45@-'." (5-52) 

and for limestones: 

FR 0.85$-p.14 (5-53) 

FR = '1.45$-i33 (5-54) 

FR = 1.651$--'.~~ (5-55) 

As shown in Figure 5-30, a relationship was suggested for calcareous sands: 

and for shaly sands: 

Using these data, the nomograph in Figure 5-51 was constructed to solve the 
modified Archie expression (Equation 5-49) when it is desired to vary both 
constants. 

Using 1,575 formation factors from California Pliocene well logs, Porter and 
Carothers [59] presented an in-situ relation: 

FR = 2.45$-'.08 (5-56) 

and a similar relation for 720 formation factors from Texas-Louisiana Gulf 
Coast logs: 

FR = 1.97$-'.49 (5-57) 

This investigation used well log data from sandstone formations known to have 
water saturations of 100%. 

From an analysis of over 1,800 sandstone samples, Timur et al. [54] presented 
the following expression: 

F~ = 1.159-1.73 (5-58) 

(text contimed on page 46) 
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Flgure 5-30. Formation factor vs. porosity for clean sands, shaly sands, and 
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(text continued fmn page 43) 
These samples included 569 core plugs (from Alaska, California, Louisiana, 
Colorado, Trinidad, Australia, and the Middle East) plus 28 samples from 
Winsauer et al. [45], 362 samples from Hill and Milburn [49], 788 from Carothers 
[52], and 85 samples from other sources [54]. 

In a recent paper [55], Perez-Rosales presented the following theoretical 
expression: 

FR = 1 + G(I$-" - 1) (5-59) 

and a generalized equation for sandstones: 

F, = 1 + 1.03(Q,-'.'~ - 1) (5-60) 

Perez-Rosales notes that the previous expressions are fundamentally incorrect 
since they do not satisfy the requirement that F, = 1 when Q, = 1. A graphical 
comparison of expressions, provided by Perez-Rosales, is shown in Figure 5-32 
for Equations 5-48, 5-58, and 5-60. In porosity ranges of practical interest, the 
three expressions yield similar results. 

Coates and Dumanoir [56] listed values for the cementation exponent of the 
Archie equation for 36 different formations in the United States. These data 
are presented in the following section under "Resistivity Ratio." 

In the absence of laboratory data, different opinions have existed regarding 
the appropriate empirical relationship. Some authors [57]' felt that the Archie 
equation (Equation 5-46) with m = 2 or the Humble equation (Equation 5-48) 
yields results satisfactory for most engineering purposes, but Equation 5-50 may 
be more valid (these authors point out that the relationship used should be based 
on independent observations of interest). Another opinion w a s  that, while the 
Humble relation is satisfactory for sucrosic rocks and the Archie equation with 
m = 2 is acceptable for chalky rocks, in the case of compact or oolicastic rocks 
the cementation exponent in the Archie equation may vary from 2.2 to 2.5 [58]. 
Based on the more recent work of Timur et al. [54], it appears that Equation 
5-58 may be more appropriate as a general expression for sandstones, if indi- 
vidual formation factor-porosity relationships are not available for specific cases. 

Water in clay materials or ions in clay materials or shale act as a conductor 
of electrical current and are referred to as conductive solids. Results in Figure 
5-33 show that clays contribute to rock conductivity if low-conductivity, fresh 
or brackish water is present [59,60]. The effect of clay on formation resistivity 
depends on the type, amount, and distribution of clay in the reservoir, as well 
as the water salinity. Values of m in Equation 5-49 for several clays are given in 
Table 5-8 [61]. 

Other variables that affect resistivity of natural reservoir rocks include 
overburden pressure and temperature during measurement. The value of the 
cementation exponent, m, is normally higher at overburden conditions [62], 
especially if porosity is low or with rocks that are not well-cemented. Thus, F, 
increases with increasing pressure. Although the effect of temperature depends 
on clay content of the sample, FR tends to increase with increasing temperature, 
but the effect is not as great as pressure [63,64]. At a fixed pressure, F, may 
go through a minimum and then increase as temperature is increased; the 
combined increase of both temperature and pressure will cause an increase in 
F, [64]. Factors that affect the exponent, m, and the coefficient, a, in the 
modified Archie expression (Equation 5-49) are summarized in Tables 5-9 and 
5-10, respectively [65]. 
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Flgure 532. Graphical comparison of relationship between formation 
resistivity factor and porosity [55]. 

To summarize the general relationship between formation resistivity factor and 
porosity (refer to Equation 5-49), the normal range for the geometric term, a, 
is 0.6 to 1.4, and the range for the cementation exponent, m, is 1.7 to 2.5 for 
most consolidated reservoir rocks [62]. Since the exact values depend on pore 
geometry and composition of the rock, formation factors should be determined 
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and the relation for carbonates was: 

(5-61) 

Carothers stated that more data are needed to confirm these observations. Any 
such relation should be used with caution. 
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Table 5-8 
Values of Exponent in the Archie Equation for Clays 

Mlmtral particle Shape factor exponent 

Sodium montmorillonite 3.28 
Calcium montmorillonite 2.70 
Muscovite 2.46 
Attapulgite 2.46 
Illite 2.11 
Kaolinite 1.87 

From Reference 61 

Table 5-9 
Factors That Influence the m Exponent in Equation 5-49 

for the Rock-Water Interface 

1. Pore geometry. 
a. Surface-area-to-volume ratio of the rock particle, angularity, sphericity. 
b. Cementation. 
c. Compaction. 
d. Uniformity of mineral mixture. 

2. Anisotropy. 
3. Degree of electrical isolation by cementation. 
4. The Occurrence of an open fracture. 

From Reference 65. 

Table 5-10 
Factors That Influence the a Coefflclent in Equation 5-49 

1. Surface conductance and ionic mobility occurring in water films adsorbed 
to solid surfaces. 
a. The cation exchange capacity of particular solid materials. 
b. The quantity of water adsorbed to clay particles in the rock framework 

or within the interstices. 
2. Salinity of formation water. 
3. Wettability relations between particular solid surfaces and hydrocarbons, 

4. The presence and distribution of electrically conductive solid minerals. 
as they influence cation exchange. 

From Reference 65. 

Rock Compressibility 

The isothermal rock compressibility is defined as the change in volume of 
the pore volume with respect to a change in pore pressure: 

C f  = +( %)T (5-63) 
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where cf is the formation (rock) compressibility with common units of psi-', V 
is pore volume, p is pressure in psi, and the subscript T denotes that the partial 
derivative is taken at constant temperature. The effective rock compressibility 
is considered a positive quantity that is additive to fluid compressibility; 
therefore, pore volume decreases as fluid pressure decreases [26,66]. Since 
overburden pressure of a reservoir is essentially constant, the differential pressure 
between the overburden pressure and the pore pressure will increase as the 
reservoir is depleted. Thus, porosity will decrease slightly, on the order of only 
one-half percent for a 1,000 psi change in internal fluid pressure [17]. For 
different reservoirs, porosities tend to decrease as overburden pressure (or 
depth) increases. Therefore, porosity under reservoir conditions may differ from 
values determined in the laboratory [67]. For sandstones with 15% to 30% 
porosity, reservoir porosity was found to be about 1% lower under reservoir 
conditions; for low porosity limestones, the difference was about 10% [68J. 

One of the commonly cited correlations between rock compressibility and 
porosity was developed by Hall [69] (Figure 5-34} for several sandstone and 
limestone reservoirs. All measurements were conducted with an external pressure 
of 3,000 psi and internal pressures from 0 to 1,500 psi. Fatt [67] found no 
correlation between compressibility and porosity, although the porosity range 
studied (10% to 15%) was very narrow. Van der Knapp [68], citing his measure- 
ments and those of Carpenter and Spencer [70], observed a general trend of 
increasing pore volume compressibility with decreasing porosity. For a particular 
limestone reservoir, Van der. Knapp [68] found that pore compressibility and 
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Figure 5-34. Effective rock compressibility vs. porosity 1691. 
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porosity were related by a simple empirical formula. However, in a more 
extensive study, Newman E711 suggests that any correlation between pore volume 
compressibility and porosity does not apply to a wide range of reservoir rocks. 
As shown in Figure 5-35a, Newman's study in limestones showed poor agreement 
with the correlations of Hall and Van der Knapp. Figures 5-35b to 5-35d show 

1.0 1-1 
0 5 1 0 1 5 2 0 2 5 9 0 3 5  

lnlal  PomtIy at Zero Nei Preasure 

t 

1 .o r......l 
Figure 5-35. Pore-volume compressibility at 75% lithostatic pressure vs. 
sample porosity [71]. 
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Formation 

Consolldated sandstones 
Consolidated limestones 
Friable sandstones 
Unconsolidated sandstones 

a comparison of Newman's data with Hall's correlation for consolidated sand- 
stones, friable sandstones, and unconsolidated sandstones. While the general 
trend of Newman's data on consolidated sandstones (Figure 5-35b) is in the same 
direction as Hall's correlation, the agreement is again poor. Figure 5-35c shows 
no correlation for Newman's friable sandstones and Figure 5-35d for uncon- 
solidated sandstones shows an opposite trend from the correlation presented by 
Hall. From Newman's data, ranges of compressibilities for various types of 
reservoir rocks are given in Table 5-11. Clearly, formation compressibility should 
be measured with samples from the reservoir of interest. 

Pore volume compressibility, psi-' 

1.5 x lo4 to 20 x 10-B 
2.0 x 10-g to 35 x lo+ 
2.5 x 10-8 to 45 x 106 
5.5 x 10-B to 85 x 1 0 6  

Table 5-11 
Range of Formation Compresslbilities 

Properties of Rocks Containlng Multiple Fluids 

Total Reservolr Compressibility 

The total compressibility of oil- or gas-bearing reservoirs represents the 
combined compressibilities of oil, gas, water, and reservoir rock in terms of 
volumetric weighting of the phase saturations: 

ct = coso + c p w  + cgsg + Cf (5-64) 

where c, is the total system isothermal compressibility in vol/vol/psi, c,,, c,, c 
and ct are the compressibilities in psi-' of oil, water, gas, and rock (pore volumef 
respectively, S is fluid saturation, and the subscripts 0,  w, and g refer to oil, 
water, and gas, respectively. 

Based on the treatment by Martin [72], Ramey [26] has expressed volumes 
in terms of formation volume factors with consideration for gas solubility effects: 

c, = so[ ?( %) - &(%)I + s, [ $( %) - (31 (5-65) 

where p is pressure in psi, Rs is the solubility of gas in oil in scf/STB oil, R, 
is the solubility of gas in water in scf/STB water, and Bg, Bo, and B, are the 
formation volume factors of gas, oil, and water, respectively. 

Fluid and rock compressibilities have been discussed in prior sections of this 
chapter. Table 5-12 provides a summary of these data. 
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Table 5-12 
Summary of Compressibility Values 

Compressiblilty, psi-$ 
Range -pica1 value 

Consolidated rock" 2 x  10"to 7 x  1 0 9  3 x 1 0 6  
10 x 10-6 

Water (gas-free) [26] 2x lO" to  4 x 1 0 9  3xlO-B 
Oil [17, 731 5 x 109 to 100 x 10-9 

Compressibility, psi-' 
At 1,000 psi 

15 x 1 0 9  

A1 5,000 psi 

Gas [26] 1,000 x 10-6 100 x 10" 
Water (with dissolved gas) [26] 5 x 10" 

* See Figure 5-35 (for most of samples having porosities of 20 f 10% in Figures 5-35a and 5-35b). 

The rock compressibilities in Table 5-12 represent a majority of the con- 
solidated sandstone and limestone data from Newman [71] that have porosities 
in the range of 10% to 30%. Oil compressibility increases as a function of 
increasing API gravity, quantity of solution gas, or temperature [17]. As pointed 
out by Ramey [26], when the magnitude of water compressibility is important, 
the effect of solution gas in the water will be more important. Clearly, the 
magnitude of gas compressibility will dominate the total system compressibility 
if gas saturations are high. 

In many gas reservoirs, only the gas terms in Equation 5-64 m a y  be significant 
so that the total system compressibility becomes [26]: 

(5-66) 

In certain cases of high pressure and high water saturation, rock and water 
compressibility may be significant so that Equation 565 must be used [26]. 

In oil reservoirs, gas saturations may be low and, even though gas com- 
pressibility is much larger than the other compressibilities, each term in Equation 
5-64 or 5-65 should normally be considered [26]. In some cases, not all of the 
compressibility terms will be important. For example, if reservoir pressure is 
above the saturation pressure, the gas saturation will be zero [20]. However, if 
the gas saturation exceeds 2% or 3%, the gas compressibility term dominates 
the total system compressibility and the other terms become insignificant [20]. 

Resistivity Index 

Since crude oil and natural g a s  are nonconductors of electricity, their presence 
in reservoir rock increases resistivity. The resistivity index or ratio, I, is com- 
monly used to characterize reservoir rocks that are partially saturated with water 
and also contain oil and/or gas: 

(5-6'7) 



54 Reservoir Engineering 

where R, is the resistivity of the rock at some condition of partial water 
saturation, S ,  and R, is the resistivity of the rock when completely saturated 
with water or brine. 

Citing the work of Martin et al. [74], Jakosky and Hopper [75], Wyckoff and 
Botset [%I, and Leverett [77], in which the variation in resistivity with water 
saturation was studied, Archie [42] plotted the resistivity ratio versus Sw on log- 
log paper (see Figure 536). For water saturations down to about 0.15 or 0.20, 
the following approximate equation appeared to hold, regardless of whether oil 
or gas was the nonconducting fluid 

I/n 

S” = (%) (5-68) 

where n has been commonly referred to as the saturation exponent. For clean 
sands and for consolidated sandstones, the value of n was close to 2.0, so the 
approximate relation was given by Archie as: 

By substituting the equation for Ro (refer to Equation 5-47), Archie presented 
the relationship between water saturation, formation resistivity factor, brine 
resistivity, and the resistivity of the rock at the given Sw: 

I IO 
RESISTIVITY INDEX . I IO0 

Figure 5-36. Variation of resistivity index with water saturation [42]. 
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(5-70) 

form of Equation 5-70, commonly used, is: 

(5-71) 

An even more general form recognizes that the constant, a, in Equation 5-49 is 
not necessarily unity: 

v. 
s w  = (2) (5-72) 

The foregoing equations are close approximations in clean formations having 
a regular distribution of porosity. The accuracy of the equations will not be as 
good in formations with vugs or fractures. 

As shown in Figure 5-37, Patnode and Wyllie [59] found that the presence of 
clays affected the relationship between water saturation and resistivity index. 

Figure 5-37. Effect of conductive solids on the relationship between 
resistivity index and water saturation [59]. 
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As the water saturation is reduced toward zero, the resistivity approaches that 
of the clays rather than approaching infinity as with clean sands. Relationships 
between resistivities and fluid content in the presence of conductive solids have 
been presented in the literature [78,79]. 

Early investigations, using data from the Woodbine sand of east Texas, 
suggested that the saturation exponent, n, may range from 2.3 to 2.7 [80,81]. 
Wyllie and Spangler [82] presented data (see Figure 5-38) for several natural 
and synthetic porous media that showed a variation of the saturation exponent 
from 1.4 to 2.5. Other investigators found that the distribution of fluids within 
the core sample, at the same water saturation, could affect the resistivity index 
for both sandstones [83] and for limestones [84]. The exponent, n, was also 
found to vary depending upon the manner in which the conducting wetting 
phase saturation was varied [82,85]. 
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Figure 5-38. Relationship between resistivity index and water saturation for 
several media [82]. 
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Data [56] from a number of different reservoirs for the values of m, the 
cementation or shape factor, and n, the saturation exponent, in Equation 5-71 
are presented in Table 513. 

Based on these data and other reasoning, Coats and Dumanoir [56] have 
proposed that the two exponents, m and n, can be assumed to be equal for 
water-wet, consolidated reservoirs. Ransome [65] has proposed that the satura- 
tion exponent may be a special case of the porosity exponent, and the two 
exponents may bear certain similarities but not necessarily the same value. 

As recently pointed out by Dorfman [86], data in Table 5-13 strongly suggest 
that assuming a saturation exponent of 2 can result in serious errors in the 

Table 5-13 
Values of Constants in Equation 5-71 

~~ 

Lithology Avg. m Avg. n 

Ordovician Simpson, W. Texas 
and E. New Mexico 

Permian, W. Texas 
Ellenburger, W. Texas 
Pennsylvanian, W. Texas 
Viola, Bowle Field, No. Texas 
Edwards, So. Texas 
Edwards Lime, Darst Creek, So. Texas 
Frio, So. Texas 
Frio, Agua Duke, So. Texas 
Frio, Edinburgh, So. Texas 
Frio, Hollow Tree, So. Texas 
Government Wells, So. Texas 
Jackson, Cole Sd., So. Texas 
Miocene, So. Texas 

Navarro, Olmos, Delmonte, So. Texas 
Rodessa, E. Texas 
Woodbine, E. Texas 
Travis Peak and Cotton Valley, 
E. Texas and W. Louisiana 

Wilcox, Gulf Coast 
Annona, No. Louisiana 
Cockfield, So. Louisiana 
Frio, Chocolate Bayou, Louisiana 
Sparta, So. Louisiana (Opelousas) 
Nacatoch, Arkansas 
Pennsylvanian, Oklahoma 
Bartlesville, Kansas 
Simpson, Kansas 
Muddy, Nebraska 
Lakota Sd., Crook Co., Wyoming 
Madison, No. Dakota 
Mississippian, lilinois 
Mississippian, lilinois 

ss 

ss 
LS and Dol. 

LS 
LS 
LS 
LS 
ss 
ss 
ss 
ss 
ss 
ss 

Cons. SS 
Uncons. SS 

ss 
LS 
ss 

HD. SS 

ss 
Chalk 
ss 
ss 
ss 
ss 
ss 
ss 
ss 
ss 
ss 
LS 
LS 
ss 

1.6 

1.8 
2.0 
1.9 
1.77 
2.0 

1.94, 2.02 
1.8 
1.71 
1.82 

1.80, 1.87 
1.7 
2.01 
1.95 
1.6 
1.89 
2.0 
2.0 
1.8 

1.9 
2.0 
1.8 

1.551.94 
1.9 
1.9 
1.8 

2.0 
1.75 
1.7 
1.52 
1.9 
1.9 
1.8 

1.6 

1.9 
3.8 
1.8 
1.15 
2.8 

2.04, 2.08 
1.8 
1.66 

1.47, 1.52 
1.64, 1.69 

1.9 
1.66 
2.1 
2.1 
1.49 
1.6 
2.5 
1.7 

1.8 
1.5 
2.1 

1.73-2.22 
t .6 
1.3 
1.8 
1.9 
1.3 
2.0 
1.28 
1.7 
2.0 
1.9 

After Reference 56. 
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estimation of water saturation. In low-porosity formations, such as the Cotton 
Valley sandstone, the saturation was found to vary greatly from the value of 2 
[87]. If n is always assumed to be 2, Dorfman contends that many hydrocarbon 
zones will be overlooked and many water-producing zones could be tested. As 
related by Hilchie [88], most of the values for the saturation exponent have been 
obtained at atmospheric conditions and there is the need to obtain laboratory 
measurements under simulated reservoir pressure and temperature. At atmos- 
pheric pressure, the percentage of smaller pores is larger than at reservoir 
pressure [64], which results in the wrong saturation exponent and a higher value 
of water saturation [88]. 

Surface and lnterfaclal Tensions 

The term interface indicates a boundary or dividing line between two 
immiscible phases. Types of interfaces include: liquid-gas, liquid-liquid, liquid- 
solid, solid-gas, and solid-solid. For fluids, molecular interactions at the interface 
result in a measurable tension which, if constant, is equal to the surface free 
energy required to form a unit area of interface. For the case of a liquid which 
is in contact with air or the vapor of that liquid, the force per unit length 
required to create a unit surface area is usually referred to as the surface tension. 
Interfacial tension is used to describe this quantity for two liquids or for a liquid 
and a solid. Interfacial tension between two immiscible liquids is normally less 
than the surface tension of the liquid with the higher tension, and often is 
intermediate between the individual surface tensions of the two liquids of 
interest. Common units of surface or interfacial tension are dynes per centimeter 
(or the identical ergs/cm*) with metric units in the equivalent milli-Newton per 
meter (mN/m). 

The surface tension of pure water ranges from 72.5 dynes/cm at 70°F to 
60.1 dynes/cm at 200°F in an almost linear fashion with a gradient of 
0.095 dynes/cm/"F [25]. Salts in oilfield brines tend to increase surface tension, 
but surface active agents that may dissolve into the water from the oil can lower 
surface tension. At standard conditions, surface tensions of brines range from 
59 to 76 dynes/cm [25]. As shown in Figure 5-39, dissolved natural gas reduces 
surface tension of water as a function of saturation pressure [89]. 

At a given temperature, surface tension of hydrocarbons in equilibrium with 
the atmosphere or their own vapor increases with increasing molecular weight 
(Figure 5-40) [go]. For a given hydrocarbon, surface tension decreases with 
increasing temperature. At 70°F, surface tensions of crude oils often range from 
24 to 38 dyne/cm [25]. 

The presence of dissolved gases greatly reduces surface tension of crude oil 
as shown in Figure 5-41 [91]. Dissolved natural gas reduces surface tension of 
crude oil more than previously noted for water, but the amount and nature of 
gas determines the magnitude of the reduction. The direct effect of a tem- 
perature increase on reduction of surface tension more than counterbalances 
the decreased gas solubility at elevated temperatures. Thus, surface tension at 
reservoir temperature and pressure may be lower than indicated by figure 541 [25]. 

Under reservoir conditions, the interfacial interaction between gas and oil 
involves the surface tension of the oil in equilibrium with the gas. Similarly, 
the interaction between oil and water determines the interfacial tension between 
the crude and brine. Listed in Table 5-14 are the surface and interfacial tensions 
for fluids from several Texas fields [92]. 

The effect of temperature on interfacial tensions for some oil-water systems 
is shown in Figure 5-42 [92]; the reduction in interfacial tension with increasing 
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Figure 5-39. Surface tension between water and natural gas as a function of 
saturation pressure [89]. 

Figure 5-40. Surface tension of several hydrocarbons [go]. 
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Figure 5-41, Surface tension of several crude oils [Ql]. 

temperature is usually somewhat more pronounced than is observed for surface 
tension. Although no quantitative relation is observed, the general trend suggests 
lower interfacial tensions for the higher API gravity crudes. However, in studies 
with a crude oil containing large amounts of resins and asphaltenes, different 
effects of temperature on interfacial tension were observed when measurements 
made at aerobic conditions were compared to anaerobic tests [93]. Interfacial 
tension between the crude and reservoir brine showed a decrease with an 
increase in temperature under aerobic conditions, whereas at anaerobic con- 
ditions, interfacial tension increased with increasing temperatures. This dif- 
ference in behavior was attributed to oxidation of the stock tank oil in the 
aerobic tests. At conditions of reservoir temperature and pressure, interfacial 
tension of the live reservoir oil was higher than the stock tank oil. The study 
concluded that live reservoir crude should be used in measurements of interfacial 
properties and that if stock tank oil is used, at least the temperature should 
correspond to reservoir conditions. 

Figure 543 shows the effect of dissolved gas and pressure on the interfacial 
tension of three oil-water systems [89]. For each system, interfacial tension 
increases as the amount of dissolved gas increases, but drops slightly as pressure 
is increased above the bubblepoint. 

Surface and interfacial tensions are important in governing the flow of fluids 
in the small capillaries present in oil-bearing reservoirs. The capillary forces in 
oil or gas reservoirs are the result of the combined effect of surface and 
interfacial tensions, pore size distribution, pore shape, and the wetting properties 
of the hydrocarboqhxk system. 
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Table 5-14 
Surface and Interfacial Tensions for Several Texas Fields 

~ 

Surface Oil-water 
tension, interfacial tension, 

dyneslcm d ynedcm 

Field Formation ft "API Oil Water 70°F 100°F 190°F 
Depth, Gravity, 

Breckenridge 
South Bend 
Banyon 
South Bend 
Banyon 
Salt Flats 
Driscoli 
Wortham 
Wortham 
Mexia 
Powell 
Wortham 
Mexia 
Breckenridge 
Breckenridge 
South Bend 
Van 
Raccoon Bend 
Tomball 
Van 
Saxet 
Saxet 
Pierce Junction 
Pierce Junction 
East Texas 
East Texas 
Goose Creek 
Goose Creek 
Goose Creek 
Talc0 
Big Lake 
Big Lake 
Crane 

Marble Falls 3,200 
Strawn 2,300 
Austin 2,135 
Marble Falls 3,900 
Austin 2,255 
Edwards 2,700 
Catahoula 3,929 
Woodbine 2,800 
Corsicana 2,200 
Woodbine 3,000 
Woodbine 3,000 
Woodbine 2,800 
Woodbine 3,000 
Marble Fails 3,200 
Marble Falls 3,200 
Marble Falls 4,200 
Woodbine 2,710 
Cockfield 3,007 
Cockfieid 5,541 
Woodbine 2,710 
Catahoula 4,308 
Catahoula 4,308 
Frio 4,325 
Frio 4,335 
Woodbine 3,660 
Woodbine 3,660 
Pliocene 1,470 
Pliocene 2,040 
Mio-Pliocene 2,560 
Glen Rose 5,000 
Ordovician 8,300 
Permian 3,000 
Permian 3,500 

Echo Frye (Pa.) 1,950 

38.2 
36.1 
37.0 
25.5 
37.9 
34.9 
26.0 
38.3 
22.4 
36.4 
22.9 
22.2 
36.6 
37.7 
36.6 
38.6 
33.9 
34.1 
41.6 
35.0 
26.2 
27.1 
29.4 
22.2 
36.5 
39.5 
14.2 
21.1 
21.2 
23.0 
42.6 
38.0 
31 .l 
38.4 

28.8 
29.9 
29.3 
31.8 
28.9 
30.0 
32.4 
29.2 
33.2 
30.0 
30.0 
33.3 
30.2 
28.9 
29.4 
28.9 
29.0 
31.6 
28.5 
28.8 
32.0 
32.3 
31 .O 
32.6 
28.2 
27.5 
34.1 
33.6 
33.3 
31.9 
28.5 
27.9 
29.5 
27.8 

67.6 
61.5 
72.5 
71.4 
72.1 
73.0 
61.4 
63.2 
59.6 
66.2 
66.2 
66.0 
66.6 
70.1 
74.1 
68; 1 
61.7 
69.8 
62.0 
64.1 
65.2 
66.5 
62.0 
64.1 
68.6 
70.2 
63.7 
63.5 
64.2 
73.9 
63.3 
66.2 
68.2 
49.5 

19.0 
29.1 
24.4 
24.5 
16.9 
23.0 
20.4 
13.6 
25.1 
21.4 
22.6 
25.8 
15.0 
16.2 
15.5 
14.8 
18.1 
24.7 
14.1 
17.9 
17.2 
20.9 
16.9 
20.7 
19.7 
31.4 
24.4 
18.8 
18.1 
20.5 
18.1 
27.3 
18.6 
34.3 

10.9 
21.4 
17.4 9.6 
16.9 
13.6 12.9 
16.9 16.7 
16.0 15.5 

16.7 13.2 
19.0 17.6 
15.0 
15.6 
9.2 
8.5 10.0 
11.3 
10.8 10.1 
16.2 
14.6 14.3 
13.6 
15.0 7.8 
11.5 10.8 
16.5 14.1 
13.9 8.7 
12.9 2.1 
10.9 9.6 
17.9 13.9 
19.5 
15.3 12.5 
12.9 12.5 
18.8 14.8 
14.8 12.5 
18.3 15.7 
14.8 7.8 
24.6 18.6 

7.3 

. . .  

From Reference 92. 

Wettability and Contact Angle 

The contact angle (ec), existing between two fluids in contact with a solid and 
measured through the more dense phase, is a measure of the relative wetting 
or spreading by a fluid on a solid. A contact angle of zero indicates complete 
wetting by the more dense phase, an angle of 180" indicates complete wetting 
of the less dense phase, and an angle of 90' means that neither fluid pre- 
ferentially wets the solid. 
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Flgure 5-42, Influence of temperature on interfacial tensions for crude oil 
water systems [92]. 

Figure 5-43. Effect of dissolved gas and pressure on interfacial tenslon 
between crude oil water 1891. 
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From a combination of Dupre's equation for wetting tension and Young's 
equation [94], the adhesion tension (z,) can be given as [19,95-971: 

2* = 0- - 0, = a*- cos 0, (5-73) 

where is the interfacial tension between the solid and the less dense fluid 
phase, 0, is the interfacial tension between the solid and the more dense phase, 
and 0, is the interfacial tension between the fluids of interest. With gas-oil 
systems, oil is the more dense phase and is always the wetting phase [SS]. With 
oil-water systems water is almost always the more dense phase, but either can 
be the wetting phase. For oil and water, a positive adhesion tension (ec e 90") 
indicates a preferentially water-wet surface, whereas a negative adhesion tension 
(0, > 90") indicates a preferentially oil-wet surface. For a contact angle of go", 
an adhesion tension of zero indicates that neither fluid preferentially wets the 
solid, Examples of various contact angles are depicted in Figure 5-44 [96]. 

The importance of wettability on crude oil recovery has been recognized for 
many years. This subject is discussed in a subsequent section of this chapter. 
Although Nutting E981 observed that some producing formations were oil-wet, 
many early workers considered most oil reservoirs to be water-wet (e.g., 
References 23, 99, and 100; discussion and comments in Reference 96). From a 
thermodynamic standpoint, it was felt that pure, clean silica must be wetted by 
water in preference to any hydrocarbon. In one study [loll,  no crude oils were 
tested that had a greater adhesion than pure water. Other results [lo21 tended 
to support this contention: capillary pressure tests suggested that all cores tested 
were water-wet with contact angles ranging from 31" to SO". However, there are 
two reasons why these results were obtained [103]: (1) the cores were extracted 
with chloroform priar to the tests which could have affected the natural 
wettability, and (2) only receding (decrease in wetting phase saturation) contact 
angles were .measured during the capillary pressure tests. As with capillary 
pressures, there is a hysteresis in the receding and advancing (increase in wetting 

Figure 5-44. Examples of contact angles [QS]. 
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phase saturation) contact angles; receding angles are smaller than advancing 
angles [97]. Bartell and coworkers [95-971 were among some of the first 
investigators to measure contact angles with crude oil systems that suggested 
the possibility that oil reservoirs may not be water-wet. Furthermore, they 
concluded that spontaneous displacement of oil by water should occur only when 
both advancing and receding angles are less than go", and no spontaneous 
imbibition should occur if the two angles are on opposite sides of 90" [97]. 

A common technique for measuring advancing contact angles using polished 
mineral crystals is described in the literature [104]. For many crude oil systems, 
a considerable amount of time may be required before an equilibrium contact 
angle on a pure mineral is obtained. As shown in Figure 5-45 [104], some 
systems that initially appear to be preferentially water-wet become more oil-wet. 
Small amounts of polar compounds in some crude oils can adsorb on the rock 
surfaces and change wettability fmm preferentially water-wet to more oil-wet [96]. 
A detailed study on how crude oil components affect rock wettability has been 
made by Denekas et al. [105]. Imbibition tests have been described to examine 
wettability of reservoir cores [106,107]. A preferred technique of inferring 
reservoir wetting from core samples is the Amott method [lo81 which involves 
spontaneous imbibition and forced displacement tests; ratios of spontaneous 
displacement volumes to total displacement volumes are used as an index of 
wettability. Based on the correlation suggested by Gatenby and Marsden [ 1091, 
Donaldson et al. [110-1121 developed a quantitative indication of wettability, 
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Flgure 5-45. Change in contact angles with time [104]. 
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called the U.S. Bureau of Mines (USBM) test, by measuring the areas under 
capillary pressure curves. The USBM method has the advantage of working well 
in the intermediate wettability region. A multitude of techniques for the 
qualitative indication of wettability that have been proposed will not be described 
but have been discussed in the literature [133]. 

In a fairly extensive examination of 55 different reservoirs, Treiber, Archer 
and Owens [ 1141 arbitrarily assigned water-wet conditions for contact angles of 
0" to 75" and oil-wet conditions for contact angles of 105" to 180" with contact 
angles of 75" to 105" representing an intermediate (referred to as neutral by 
others) wettability. With these designations, 27% of the samples were water-wet, 
66% were oil-wet, and the remaining 7% were of intermediate wettability. 
Subsequently, Morrow 11151 has defined an intermediate wettability when neither 
fluid spontaneously imbibes in a "squatters' rights" situation. Morrow found that 
for contact angles less than 62", the wetting phase would spontaneously imbibe, 
and for contact angles above 133", the nonwetting phase would spontaneously 
imbibe; therefore, the intermediate wettability condition would be operative for 
contact angles from 62" to 133'. Using Morrow's guidelines, the data of Treiber, 
Archer and Owens indicate that 47% of the samples were of intermediate 
wettability, 27% were oil-wet, and 26% were water-wet. The distribution in 
wettability according to lithology is given in Table 5-15. In either case, it is 
apparent that a majority of the samples were not water-wet. 

Using 161 core samples representing various carbonate reservoirs, Chilingar 
and Yen [116] found that 8% were water-wet (e, > SO"), 12% were intermediate 
(9, = 80" - IOO"), 65% were oil-wet (e, = 100" - ISO"), and 15% were strongly 
oil-wet (e, = 160" - 180"). The arbitrary definitions of wettability differ from 
Treiber et al. [114] and Morrow [115], but the distributions appear to be similar 
to the carbonate data in Table 5-15. 

In the previous discussion, it was implied that pore surfaces within a reservoir 
rock are uniformly wetted. The concept whereby a portion of the reservoir 
surfaces are preferentially oil-wet while other portions are preferentially water- 
wet was termed fractional wettability by Brown and Fatt [117] and Fatt and 
Klikoff [118]. Fractional wetting was believed to be a result of the varying 
amount of adsorption of crude oil components on the different minerals present 
in a reservoir. Other evidence [119,120] supported the existence of a hetero- 
geneous wetting (also called spotted or Dalmation wettability in the literature). 
Salathiel [121] introduced the concept of a mixed-wettability condition, a special 
case of fractional wetting, in which the fine pores and grain contacts are 

Table 5-15 
Wettability of 55 Reservoir Rock Samples 

~~ 

Water-wet 
(0, c 7 5 o p  

Sandstones 43% 
Carbonate 8% 
Total samples 27% 

Water-wet 
(0, e 62")+* 

Total samples+* %YO 

Intermediate 
(e, e 750 - iosoy 

7% 
8% 
7% 

Intermediate 
(0, = 62" - 133')** 

4796 

~~ ~ 

Oil-wet 
(0, > lOS0)* 

50% 
84% 
66X 

Oil-wet 

27% 
(e, > 1 3 3 0 ~  

'Based on contact anglehettability relation suggested by Treiber, Archer and Owens [114]. 
**Based on contact angldwettability relation suggested by Morrow [115]. 
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preferentially water-wet and the large pore surfaces are strongly oil-wet. Salathiel 
concluded that the oil-wet paths can be continuous to provide a means for oil 
to flow even at very low oil saturations; these results were offered to explain 
the very good oil recovery noted in some field projects. More recently, Morrow, 
Lim, and Ward [122] introduced the concept of a speckled wettability in which 
a rationale is presented whereby oil tends to be trapped in pore throats rather 
than pore bodies. Speckled wettability mimics behavior of strongly water-wet 
conditions observed during waterflooding: water breakthrough is abrupt, relative 
permeability to water at residual oil saturation is low, water is imbibed spon- 
taneously, and oil is not imbibed spontaneously. 

When cores are obtained for laboratory tests where wettability is important, 
precautions must be taken to ensure the wetting preference of the formation is 
not altered during coring. Mud additives, such as dispersants, weighting agents, 
lost circulation materials, thinners or colloids, that possess surface-active 
properties may drastically change core wettability. Surface active agents should 
be avoided so that the core samples have the same wettability as the reservoir 
rock. Listed in Table 5-16 are the effects of various mud additives on wettability 
of water-wet and oil-wet cores [107]. 

In the case of water-wet sandstone or limestone cores, rock-salt, bentonite, 
carboxymethylcellulose (CMC), and barite had no effect on wettability. However, 
oil-wet sandstone cores were reversed to a water-wet condition when exposed 
to CMC, bentonite, or lime solutions. Additional tests with bentonite solutions 
indicated that wettability of oil-wet cores is not reversed if the solution pH is 
lowered to a neutral or slightly acidic value. These results suggest that from a 
wettability standpoint, the best coring fluid is water (preferably formation brine); 
if bentonite is used, mud pH should be neutral or slightly acidic. If appreciable 
hydrogen sulfide is suspected in the interval being cored, it may be undesirable 
to lower pH. In fact, a very alkaline mud (pH 10-12) may be used to keep the 
sulfide in the ionized state for safety and corrosion considerations. Subsequent 
work [123] suggests the preferred system to obtain fresh cores is a natural water- 
base mud with no additives, or a bland mud consisting of bentonite, salt, and 
CMC. However, recent results [124] conclude that bland muds may not, in fact, 
be bland. While none of the bland additives altered wettability of water-wet rock 

Table 5-16 
Effect of Water-Base Mud Additives on the Wettability of Cores 

Wettabillty of Test Cores after Exposure to Filtrate 

Com ponent Limestone Sandstone Sandstone 
Water-Wet Water-Wet 011-Wet 

Rock-salt 
Starch 
CMC 
Bentonite 
Tetrasodium 

Calcium 

Lime 
Barite 

From Reference 107. 

pyrophosphate 

lignosulfonate 

No change 
Slightly less water-wet 

No change 
No change 

No change 

No change 
No change 
No change 

~~~~ 

No change No change 

No change Water-wet 
No change Water-wet 

Slightly less water-wet - 

Less water-wet - 
Less water-wet - 

Slightly more water-wet Water-wet 
No chanoe - 
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samples, all of the components with the exception of bentonite made oil-wet 
samples significantly less oil-wet. The bland additives that were tested included 
bentonite, pregelatinized starch, demid (an organic polymer), drispac (a polyanionic 
cellulose polymer), hydroxyethylcellulose, xanthan gum polysaccharide, and CMC. 
All of the drilling mud components considered to be bland decreased the 
amount of oil imbibed into a core and increased the amount of water imbibed. 

Preventing wettability changes in core material, after it has been recovered 
at the surface, is equally important so that subsequent laboratory measurements 
are representative of reservoir conditions. Changes in wettability of core material 
that occur during handling or storage are usually caused by oxidation of the 
crude oil, evaporation of volatile components, or decreases in temperature or 
pressure which cause the deposition of polar compounds, asphaltenes, or heavy 
hydrocarbon compounds [107,125]. Because of the complexity of the mechanisms 
involved, the magnitude and direction of changes in wetting conditions, when 
reservoir cores are preserved, are not fully understood. Weathering of water- 
wet cores has been reported to frequently cause the grain surfaces to become 
oil-wet [107]. In other experiments [126] oil-wet cores changed to water-wet upon 
contact with air. Therefore it is necessary to preserve core samples at the well- 
site to ensure that wettability is not altered by contamination, oxidation, or 
evaporation. Two methods of preserving conventional cores, immediately after 
they have been removed from the core barrel, will prevent changes in wettability 
for several months [107]. One method consists of immersing the core in 
deoxygenated formation brine or suitable synthetic brine (Le., drilling mud 
filtrate) and keeping the sample in suitable nonmetallic containers that can be 

Table 5-17 
Empirical Relative Permeability Equations 

Oil-gas relative permeabilities 
(for drainage cycle relative to oil) 

where is the irreducible water saturation. 
km k, 

A. Unconsolidated sand-well sorted (S*)3.0 (1 - S*)3 
B. Unconsolidated sand-poorly sorted (S*)3,5 (1 - S*)2(1 - S"1.5) 

vugular lime ( 5 7 4 . 0  (1 - 5*)2.0(1 - S*2.0) 
C. Cemented sand, oolitic lime, and 

Water-oil relative permeabilltles 
(for drainage cycle relative to water) 

where S,, is the irreducible water saturation. 

A. Unconsolidated sand-well sorted 

C. Cemented sand, oolitic lime, and 

kra kwl 

(1 - S")3.0 

8. Unconsolidated sand-poorly sorted {I - S*)2(1 - 5-5) @*)a5 

vugular lime (1 - S*)2(1 - s*zq (S74.0 

From Reference 20. 
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sealed to prevent leakage and the entrance of oxygen. In a second method, the 
cores are wrapped in Saran or polyethylene film and aluminum foil, and then 
coated with wax or strippable plastic. Cores obtained by either of these methods 
are referred to as preserved, native-state, or fresh cores, and are preferred for 
many laboratory tests. 

For certain laboratory tests, it may be possible to clean reservoir cores with 
solvents and resaturate with reservoir fluids to restore the original wetting con- 
ditions. Details of preparing such restored-state or extracted cores are discussed 
subsequently in the section “Coring and Core Analysis.’’ The concept of the method 
is to clean the core thoroughly until it is water-wet, saturate with reservoir brine, 
flush with crude oil, and age for over 1,000 hours at reservoir temperature. 

Regardless of the method of core handling employed, the rock samples used 
in the laboratory should have a surface state as close as possible to that present 
in the reservoir. If preserved cores are used, it is essential they be stored under 
air-free conditions because exposure to air for as little as 6-8 hours can cause 
water evaporation and other changes in core properties. If extracted cores are 
used, drying of the cores can be very critical when hydratable minerals, capable 
of breaking down at low temperatures are present. Contamination from core 
holders that contain certain types of rubber sleeves can be prevented by using 
an inner liner of tubular polyethylene film. Because of the instability of many 
oilfield waters, it is usually desirable to prepare synthetic brines to prevent core 
plugging caused by deposition of insolubles. 

When possible, tests should be made under reservoir conditions of temperature 
and pressure using live reservoir oil. This is an improvement over room con- 
dition techniques where tests are made at atmospheric conditions with refined 
laboratory oils. Use of the live crude exposes the rock to compounds present 
in the oil that might influence wettability, and establishes an environment as 
close as possible to reservoir conditions. Cores evaluated at atmospheric con- 
ditions may be more oil-wet than similar tests at reservoir conditions because 
of the decreased solubility of wettability-altering compounds at lower temperatures 
and pressures [107,123]. In a recent contact angle study [93] with calcium 
carbonate crystals and a crude oil containing 27.3% resins and 2.2% asphaltenes, 
a complete reversal from a predominantly oil-wet system at lower temperatures 
to a predominantly water-wet system at higher temperatures was found. While 
pressure alone had little effect on the wettability of the system, the study 
speculated that the addition of gas-in-solution with increasing pressure should 
favor a more water-wet situation than would be indicated from laboratory tests 
at atmospheric conditions. Even when all precautions have been taken, there is 
no absolute assurance that reservoir wettability has been duplicated. 

Capillary Pressure 

Curvature at an interface between wetting and nonwetting phases causes a 
pressure difference that is called capillary pressure. This pressure can be viewed 
as a force per unit area that results from the interaction of surface forces and 
the geometry of the system. 

Based on early work in the nineteenth century of Laplace, Young, and Plateau 
(e.g., Reference 94), a general expression for capillary pressure, Pc, as a function 
of interfacial tension, 0, and curvature of the interface is [19]: 

P, =.($+$) (5-74) 
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where r, and rn are the principal radii of curvature at the interface. These radii 
are not usually measured, and a mean radius of curvature is given by the 
capillary pressure and interfacial tension. 

For a cylindrical vertical capillary, such as a small tube, the capillary pressure 
for a spherical interface is [19]: 

2a cos e, 
P, = = g m ,  - Pe) r 

(5-75) 

where r is the radius of the tube, 6, is the contact angle measured through the 
more dense phase that exists between the fluid and the wall of the tube, g is 
the gravitational constant, p is density, h is column height, and the subscripts 
refer to the fluids of interest. For a fluid that wets the wall of a capillary tube, 
the attraction between the fluid and the wall causes the fluid to rise in the 
tube. The extent of rise in the capillary is proportional to the interfacial tension 
between the fluids and the cosine of the contact angle and is inversely pro- 
portional to the tube radius. 

An analogous situation can occur during two-phase flow in a porous medium. 
For example if capillary forces dominate in a water-wet rock, the existing pressure 
differential causes flow of the wetting f h i d  to occur through the smaller 
capillaries. However, if viscous forces dominate, flow will occur through the 
larger capillaries (from Pouiselle’s law, as a function of the 4th power of the radius). 

Figure 5-46 depicts a typical capillary pressure curve for a core sample in 
which water is the wetting phase. Variation of capillary pressure is plotted as a 
function of water saturation. Initially, the core is saturated with the wetting 
phase (water), The nonwetting phase, oil in this case, is used to displace the 

SECONDARY DRAINAGE 

PRIMARY DRAIN AGE 

r T H R E S H O L 0  PRESSURE -.I I 

0 Siw 1- Sor 1.0 

WATER SATURATION 

Figure 5-46. Example capillary pressure curves. 
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water. As shown in the figure, a threshold pressure must be overcome before 
any oil enters the core. The initial (or primary) drainage curve represents the 
displacement of the wetting phase from 100% saturation to a condition where 
further increase in capillary pressure causes little or no change in water 
saturation. This condition is commonly termed the irreducible saturation, S,. 
The imbibition curve reflects the displacement of the nonwetting phase (oil) 
from the irreducible water saturation to the residual oil saturation. Secondary 
drainage is the displacement of the wetting phase from the residual oil saturation 
to the irreducible water saturation. A hysteresis is always noted between the 
drainage and imbibition curves. Curves can be obtained within the hysteresis 
loop by reversing the direction of pressure change at some intermediate point 
along either the imbibition or secondary drainage curve. The nonuniform cross- 
section of the pores is the basic cause of the hysteresis in capillary pressure 
observed in porous media. Therefore, capillary pressure depends on pore 
geometry, interfacial tension between the fluids, wettability of the system (which 
will be discussed later in this chapter), and the saturation history in the medium. 

Leverett [ 1001 introduced a reduced capillary pressure function (subsequently 
termed the Leverett J function by Rose and Bruce [127]) that was suggested for 
correlating capillary pressure data: 

(5-76) 

where J (Sw) = the correlating group consisting of the terms of Equation 5-75 
k = the permeability 

= porosity of the sample 

The J function was originally proposed as means of converting all capillary 
pressure data for clean sand to a universal curve. A series of capillary pressure 
curves are shown as a function of permeability in Figure 5-47 [20]. An example 
of the J function curve generated from these data is shown in Figure 5-48 [20]. 
While the J function sometimes correlates capillary pressure data from a specific 
lithology within the same formation, significant variations can be noted for 
different formations. 

Common laboratory methods of measuring capillary pressure include [ 191: 
mercury injection, porous diaphragm or plate (restored state), centrifuge method, 
and steady-state flow in a dynamic method. .While the restored state test is 
generally considered the most accurate, mercury injection is routinely used. 
However, it is necessary to correct the mercury injection data for wetting 
conditions before comparison to results from the restored state test. 

A very valuable use of capillary pressure data is to indicate pore size distri- 
bution. Since the interfacial tension and contact angle remain constant during 
a test such as already described, pore sizes can be obtained from capillary 
pressures. For rocks with more uniform pore sizes, capillary pressure curves will 
be close to horizontal. The slope of the capillary pressure curve will generally 
increase with broader poresize distribution. 

If laboratory capillary pressure data are corrected to reservoir conditions, the 
results can be used for determining fluid saturations. Figure 5-49 shows a close 
agreement in water saturations obtained from capillary pressure and electric 
logs [48]. 

Capillary pressure data are helpful in providing a qualitative assessment of 
the transition zones in the reservoir. A transition zone is defined a8 the vertical 
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h. b 

Figure 5-47. Capillary pressures of different permeability core samples [20]. 

s,. .I* 

Figure 5-48. J function plot for data in Figure 5-47 [20]. 
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Figure 5-49. Comparison of water saturations from capillary pressure and 
electric logs [48]. 

thickness where saturation changes from 100% water to irreducible water for a 
water-oil contact, or from 100% liquid to an irreducible water saturation for a 
gas-oil contact. 

Effective Penneabllitles 

In the previous section, "Absolute Permeability," it was stated that permeability 
at 100% saturation of a fluid (other than gases at low pressure) is a characteristic 
of the rock and not a function of the flawing fluid. Of course, this implies that 
there is no interaction between the fluid and the rock (such as interaction 
between water and mobile or swelling clays). When permeabilities to gases are 
measured, corrections must be made for gas slippage which occurs when the 
capillary openings approach the mean free path of the gas. Rlinkenberg [128] 
observed that gas permeability depends on the gas composition and is 
approximately a linear function of the reciprocal mean pressure. Figure 5-50 
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Figure 5-50. Gas slippage in core [128]. 

shows the variation in permeability as a function of mean pressure for hydrogen, 
nitrogen, and carbon dioxide. Klinkenberg found that by extrapolating all data 
to infinite mean pressure, the points converged at an equivalent liquid per- 
meability (kJ, which was the same as the permeability of the porous medium 
to a nonreactive single-phase liquid. From plots of th is  type, Klinkenberg showed 
that the equivalent liquid permeability could be obtained from the slope of the 
data, m, the measured gas permeability, kg, at a mean flowing pressure ji, at 
which k, was observed 

k m 

P l+&)  = kc-= k, = (5-77) 

where b is a constant for a given gas in a given medium and is equal to m 
divided by kp. The amount of correction, known as the Klinkenberg effect, varies 
with permeability and is more significant in low permeability formations. 

In recent studies [ 129,1301 with very low permeability sandstones, liquid 
permeabilities were found to be less than gas permeabilities at infinite mean 
pressure, which is in contrast with the prior results of Klinkenberg. Furthermore, 
it has been shown [ 1301 that liquid permeabilities decreased with increasing 
polarity of the liquid, For gas flow or brine flow in low-permeability sandstones, 
permeabilities were independent of temperature at all levels of confining 
pressure [130]. The data [l30] showed that for a given permeability core sample 
at a given confining pressure, the Klinkenberg slip factors and slopes of the 
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Klinkenberg plots were proportional to the product of viscosity and the square 
root of absolute temperature. 

As shown in Figure 5-51 permeability of reservoir rocks can decrease when 
subjected to overburden pressure [131]. When cores are retrieved from a 
reservoir, the confining forces are removed and the rock can expand in all 
directions which can increase the dimensions of the available flow paths. In 
reservoirs where this is significant, it is imperative that permeability measured 
in the laboratory be conducted at the confining pressure that represents the 
overburden pressure of the formation tested. 

As a general trend, air permeability decreases with increasing connate water 
saturation. Relationships between air permeability and connate water saturation 
in Figure 5-52 show a linear decrease in the logarithm of permeability as a 
function of water saturation that depends on the individual field [132]. 

The fluid system of an oil reservoir consists usually of gas, oil, and water. In 
the case of such a heterogeneous system, flow of the different phases is a 
function of fluid saturation in the reservoir by the different phases. The lower 
the saturation of a certain liquid, as compared to other liquids, the lower the 
permeability to that liquid. This type of permeability is termed effective 
permeability and is defined as permeability of the rock to one liquid under con- 
ditions of saturation when more than one liquid is present. Typical permeability- 
saturation relations for oil and gas and for oil and water are shown in Figure 5-53. 

From the practical point of view, permeability may be considered as a measure 
of productivity of the producing horizon. Knowledge of permeability is useful 
in a number of reservoir problems. The concept of effective permeability is of 
particular importance since it emphasizes a need for production practices, which 
tend to maintain good permeability of the reservoir to oil. 
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Figure 5-51. Air permeability at different overburden pressures [l31]. 
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Thus, the absolute permeability is the permeability measured when the 
medium is completely saturated with a single fluid. Effective permeability is the 
permeability to a particular fluid when another fluid is also present in 
the medium. For example, if both oil and water are flowing, the effective 
permeability to oil is k, and that to water is k,. The sum of the effective 
permeabilities is always less than the absolute permeability [17]. As noted in 
the previous section, permeability is commonly expressed in millidarcies (md). 

Relative Permeabilitles 

If the effective permeabilities are divided by a base permeability (i.e., the 
absolute permeability), the dimensionless ratio is referred to as the relative 
permeability, namely k, for gas, k, for oil, and k, for water: 

k w  L. k, =-  
k ’  k 

k, = 
k k = A *  

Fg k ’  (5-78) 

where kg, k,, and kw, are the effective permeabilities to gas, oil, and water, 
respectively, and k is some base permeability that represents the absolute 
permeability. For gas-oil two-phase relative permeabilities, the base permeability 
is often the equivalent liquid permeability. For oil-water two-phase relative 
permeabilities, three different base permeabilities are often used [ 1331: 

1. The permeability to air with only air present. 
2. The permeability to water at 100% S1. 
3. The permeability to oil at irreducible water saturation. 

Wyckoff and Botset [76] are generally credited with preforming the first gas 
and liquid relative permeabilities which were conducted in unconsolidated 
sandpacks in 1936. In these early experiments, a relationship was observed 
between the liquid saturation of a sand and the permeability to a liquid or gas 
phase [76,134]. At about the same time, Hassler, Rice, and Leeman [l35] 
measured relative air permeabilities in oil-saturated cores. In 1940, relative 
permeability measurements were extended to consolidated cores by Botset [ 1361. 
Since then, a number of dynamic (fluid displacement or fluid drive) methods 
[83,137-1431 and static (or stationary-phase) methods [ 144-1501 have been 
proposed to determine relative permeabilities in core samples. In the latter 
methods, only the nonwetting phase is allowed to flow by the use of a very low 
pressure drop across the core; hence, this method is applicable only to the 
relative permeability of the nonwetting phase. The dynamic methods include: 
(1) steady-state methods in which fluids are flowed simultaneously through a 
core sample at a fixed gas-oil or water-oil ratio until equilibrium pressure 
gradients and saturations are achieved, and (2) unsteady-state methods in which 
an oil-saturated core is flooded with either gas or water at a fixed pressure drop 
or flow rate so that the average fluid saturation changes result in a saturation 
gradient. The most popular steady-state procedure is the Penn State method [83], 
but the most common dynamic test is the unsteady-state method because of the 
reduced time requirement. The various methods have been evaluated [ 139,1511 
and generally provide similar results. 

Based on the initial work of Leverett [loo] and Buckley and Leverett [152], 
Welge [153] was the first to show how to calculate relative permeability ratios 
in the absence of gravity effects. Subsequently, Johnson, Bossler, and Naumann 
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[154] showed that each of the relative permeabilities could be calculated even 
when gravity is not neglected. Other calculations of relative permeabilities have 
been proposed by Higgins [155], Guerrero and Stewart [156,157], and a graphical 
technique has been presented by Jones and Rozelle [158]. 

An example water-oil relative permeability plot vs. water saturation is given 
in Figure 5-54. Several features will be described that pertain to generating 
relative permeability curves from cores in the laboratory. If a clean, dry core is 
completely saturated with water, the permeability at 100% Sw should be similar 
to the equivalent liquid permeability obtained from gas flow measurements at 
100% Sg. Exceptions to this generality include some low-permeability systems 
and other cores that contain clays or minerals that interact with the water used. 
If a clean core is used, it will probably be strongly water-wet when saturated 
with brine. As crude oil is injected into the core, the relative permeability to 
water decreases during the drainage cycle (decreases in wetting phase) while 
the relative permeability to oil increases. Some water that resides in the nooks 
and crannies of the pore space cannot be displaced by the oil, regardless of 
the throughput volume. This water saturation, which does not contribute 
significantly to occupying the flow paths, is called the irreducible water satura- 
tion, Siw. With the core at Siw, there is 100% relative permeability to oil (only 
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Figure 5-54. Example of water-oil relative permeability data. 
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oil is flowing) and no permeability to water. At this point, the core can be closed 
in for about 1,000 hours to allow sufficient time for wettability changes to occur. 
Then the core is flooded with water in an unsteady-state test, or fixed ratios of 
water and oil are injected in the steady-state test. If water continues to be the 
wetting phase, the relative permeability to water (which will be only a function 
of saturation) will be the same during the drainage and imbibition cycles. (The 
importance of wettability on relative permeabilities will be discussed in the next 
section of this chapter.) Aa the water is injected into the oil-flooded core, kw 
increases while k, decreases. Not all of the oil can be displaced from the core, 
regardless of the water throughput (at modest flow rates or pressure drops), 
and this is referred to as the waterflood residual oil saturation, Sor. 

Similar observations apply to gas-oil relative permeability data as displayed 
in Figure 5-55. Typically, the gas-oil relative permeabilities are plotted against 
the total liquid saturation, which includes not only the oil but also any connate 
water that may be present. In the presence of gas, the oil (even if connate water 
is present) will be the wetting phase in preference to gas. As a result, the k, 
curve from gas-oil flow tests resembles the drainage krw curve from oil-water 
flow tests. As seen in Figure 5-55, the irreducible gas saturation (also called 
the equilibrium or critical gas saturation) is usually very small. When gas 

Liquid saturation=S,,+S,, % 

Flgure 5-55. Gas-oil relative permeability data [20]. 
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saturation is less than the critical value, gas is not mobile but does impede oil 
flow and reduces km. 

Three-phase relative permeabilities pertaining to simultaneous flow of gas, 
oil, and water have been provided in the literature [ 19,501. Since the occurrence 
of such three-phase flow in a reservoir is limited [20], relative permeabilities 
for these conditions will not be discussed in this chapter, and the reader is 
referred to other souxes [ 19,20,137,140,159,160~. 

Based on the work of Corey [150] and Wyllie [23,50], empirical equations 
have been summarized by Slider [20] to estimate relative permeabilities. These 
equations permit the estimation of k, from measurements of k,. Other empirical 
equations for estimating two-phase relative permeabilities in consolidated rocks 
are available in the literature [lsl] .  

Early work in unconsolidated sands showed that fluid viscosity or the range 
of permeability had negligible effects on the relationship between relative 
permeability and fluid saturation [76,100]. Geffen et al. [141] confirmed that 
relative permeabilities in cores are not affected by fluid properties provided 
wettability is not altered. However, others [ 162,1631 have found that viscosity 
ratio influences relative permeability data when the displacing fluid is non- 
wetting. For constant wettability conditions, the higher the viscosity of one of 
the liquids, the lower is the relative permeability of the other liquid [163]. 

Geffen et al. [141] did cite a number of factors, in addition to fluid satura- 
tions, that affect relative permeability results. Because of capillary hysteresis, 
saturation history was important in that fluid distribution in the pores was 
altered. Flow rates during laboratory tests need to be sufficiently high to 
overcome capillary end effects (retention of the wetting phase at the outlet end 
of the core) [141]. According to Wyllie [23], relative permeability varies because 
of varying geometry of the fluid phases present, which is controlled by effective 
pore size distribution, method of obtaining the saturation (saturation history); 
heterogeneity of the core sample, and wettability of the rock-fluid system. 

Controversy continues to exist regarding the effect of temperature on relative 
permeabilities (for example see the discussion and prior citations in References 
164 and 165). Miller and Ramey [164] observed no change in relative per- 
meability with temperatures for clean systems, and speculated that for reservoir 
fluid/rock systems, effects such as clay interactions or pore structure would need 
to be considered. Honarpour et al. [165] summarized the effects of temperature 
on two-phase relative permeabilities as measured by various researchers. In field 
situations, the larger overburden pressure associated with greater depths may 
be more important in affecting relative permeabilities than the associated 
temperature increases. As with many other tests, relative permeability measurements 
should be conducted at reservoir conditions of overburden pressure and tem- 
perature with crude oil and brine representative of the formation under study. 

Effect of Wettability on Fluid-Rock Properties 

OH Recovery and Fluid Saturations. Since a reservoir rock is usually composed 
of different minerals with many shapes and sizes, the influence of wettability 
in such systems is difficult to assess fully. Oil recovery at water breakthrough in 
water-wet cores is much higher than in oil-wet cores [106,110,166-1691, although 
the ultimate recovery after extensive flooding by water may be similar, as shown 
in Figure 5-56. These authors have shown that oil recovery, as a function 
of water injected, is higher from water-wet cores than from oil-wet cores at 
economical water-oil ratios. In 1928, Uren and Fahmy E1701 observed better 
recovery of oil from unconsolidated sands that had an intermediate wettability, 
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Figure 5-56. Comparison of oil recovery for oil-wet and water-wet cores [133]. 

and several investigators have suggested better oil recovery from cores of 
intermediate or mixed wettability [ 106,108,121,123,171]. More recent evidence 
by Morrow [172] and Melrose and Brandner [173] suggests that mobilization 
of trapped oil is more difficult in the intermediate wettability region, but the 
prevention of oil entrapment should be easier for advancing contact angles 
slightly less than 90". 

breakthrough ceases abruptly and water production increases sharply. With 
systems that are not water-wet, water breakthrough may occur earlier, but small 
fractions of oil are produced for long periods of time at high water cuts. In 
strongly water-wet systems, the residual oil that is permanently trapped by water 
resides in the larger pores, whereas in oil-wet systems trapping occurs in the 
smaller capillary spaces [106,133]. 

Relatlve Permeability Characteristics. For a system having a strong wetting 
preference for either oil or water, relative ermeability of the wetting phase is 
a function of fluid saturation only [76,13{,160]. Details of the effect of wet- 
ability on relative permeabilities have been discussed by several authors [llS, 
135,174,1751. In a detailed study using fired Torpedo (outcrop sandstone) cores, 
Owens and Archer [174] changed wettability by adding surface active agents to 
either the oil or water. Firing of the cores stabilized any clay minerals present 

With water-wet cores in laboratory waterfloods, the oil production at water. 
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and provided more constant internal conditions. Both gas-oil and water-oil 
relative permeabilities were obtained. Some of the water-oil relative permeability 
data, all started at the same water saturation and obtained with the Penn State 
steady-state method, are reproduced in Figure 5-57. As the contact angle was 
increased to create more oil-wet conditions the effective permeability to oil 
decreased. Because of the differences in flow paths for the different wettability 
conditions, oil-wet systems had lower k, and higher k, when compared to water- 
wet conditions at the same water saturation. As the level of oil-wetting increased, 
k, at any saturation decreased whereas krw increased. 
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Figure 5-57. Effect of wettability on water-oil relative permeabilities [I 741. 
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Craig [ 1331 has presented typical relative permeability curves, such as given 
in Figure 5-58, to point out differences in strongly water-wet and strongly 
oil-wet conditions. Craig suggests that several rules of thumb can help in 
distinguishing wetting preferences; typical characteristics of water-oil relative 
permeability curves are given in Table 5-18 [ 1331. Additionally, the strongly oil- 
wet relative permeability curves tend to have more curvature. Craig suggests the 
generality that relative permeability curves of intermediate wettability systems 
will have some of the characteristics of both water-wet and oil-wet conditions. 
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Figure 5-58. Strongly water-wet and strongly oil-wet relative permeability 
curves [133]. 
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Table 5-18 
Typlcal Water-Oil Relative Permeablllty Characterlstics 

Strongly 
Water-Wet Strongly Oil-Wet 

Connate water saturation. Usually greater than Generally less than 
15% PV, frequently 
less than 10%. 

Less than 5050 

20% to 25% PV. 

Greater than 50% Saturation at which oil and 
water relative per- water saturation. water saturation. 
meabilities are equal. 

Relative permeability to Generally less than Greater than 50% 
water at maximum 30%. and approaching 
water saturation; 100%. 
i.e., floodout. 

From Reference 133. 

However, as mentioned earlier in the section “Wettability and Contact Angle,” 
a speckled wettability form of intermediate wetting mimics the relative permeability 
characteristics of strongly water-wet conditions [ 1221. 

Capillary Pressure Curves. By convention, oil-water capillary pressure, P ,  is 
defined as the pressure in the oil phase, p,, minus the pressure in the water 
phase, p,: 

pc = Po - P, (5-79) 

Depending on wettability and history of displacement, capillary pressure can be 
positive or negative. Figure 5-59 presents the effect of wettability on capillary 
pressure as related by Killins, Nielsen, and Calhoun [176]. Drainage and 
imbibition curves can have similarities, but the capillary pressure values are 
positive for strongly water-wet and negative for strongly oil-wet conditions. In 
the intermediate wettability case shown in Figure 5-59, the small positive value of 
threshold pressure during the drainage cycle suggests the sample was moderately 
water-wet [ 138.1. After the drainage cycle, the sample spontmeously imbibed 
water until the capillary pressure was zero at a water saturation of 55% . Then, 
as water pressure was applied, the maximum water saturation of about 88% was 
achieved. As discussed previously, capillary pressure curves can be used as a 
criterion of wettability. 

Reslstivlty Factors and Saturation Exponents. As shown previously in Table 
5-7, Sweeney and Jennings [51] found that the formation resistivity factor 
changed when wettability w a s  altered. However, the naphthenic acid they used 
to alter wettability may have also reduced porosity which could account for the 
increase in the saturation exponent in Equation 5-46. Other investigators 
[177,178] have found no significant effect of wettability on formation factors. 
Because of the scarcity of data and the difficulty of altering wettability without 
affecting other properties, the effect of wettability on formation resistivity 
remains unclear. 
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Flgure 5-59. Effect of wettability on capillaty pressure [176]. 

As related by Mungan and Moore [178], three assumptions are made in the 
Archie saturation expression (Equation 5-68): all of the brine contributes to 
electrical flow: the saturation exponent, n, is constant for a given porous media; 
and only one resistivity is measured for a given saturation. Since the saturation 
exponent depends on the distribution of the conducting phase, which is depen- 
dent on wettability, the foregoing assumptions are valid only for strongly water- 
wet conditions. When wettability is altered, the differences in fluid distribution 
cause variations in the cross-sectional areas of conductive paths and in the 
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tortuous path lengths. These variations affect resistivity, which results in different 
resistivity-saturation relationships such as were presented for carbonate cores by 
Sweeney and Jennings [51] in Figure 5-60. The saturation exponent, which i s  
the slope of the lines, was about 1.6 for water-wet cores, about 1.9 for neutral- 
wet cores, and about 8 for oil-wet cores [51]. Similar data in sandstone cores 
were provided by Rust [17'7]; saturation exponents were about 1.7 and 13.5 for 
water-wet and oil-wet conditions respectively. These differences in oil-wet. rocks 
most likely occur because of the isolation of trapped brine in dendritic fingers 
or dead-end pores which do not contribute to electrical conductivity. 

Table 5-19, presenting data given by Mungan and Moore [178], shows that 
the effect of wettability on saturation exponent becomes more important at low 
brine saturations. Morgan and Pirson [ 1791 conducted tests on fractionally 
wetted bead packs in which portions of the beads were water-wet and portions 

NEUTRAL 

+ +  1 + 

0. I 0.2 0.3 0.4 0.5 0.6 0.8 1.0 

FRACTIONAL WATER SATURATION, Sw 

Figure 5-60. Resistivity-saturation relationships for different wettability 
carbonate cores [51]. 
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Table 5-19 
Saturation Exponents in Teflon Cores Partially Saturated 

with Nonwetting Conducting Liquid 

Air-NaCI solutlon Oil-NaCI solutlon 
Brine Brlne 

saturation saturation 
% PV n % PV n 

66.2 1.97 64.1 2.35 
65.1 1.98 63.1 2.31 
63.2 1.92 60.2 2.46 
59.3 2.01 55.3 2.37 
51.4 1.93 50.7 2.51 
43.6 1.99 44.2 2.46 
39.5 2.11 40.5 2.61 
33.9 4.06 36.8 2.81 
30.1 7.50 34.3 4.00 
28.4 8.90 33.9 7.15 

31 .O 9-00 
~ _ _ _ _ _  

From Reference 178. 

were treated so that they were mildly oil-wet. From their data, plotted in Figure 
5-6 1, the saturation exponent increased as the extent of oil-wetting increased. 

The foregoing data suggest that unless the reservoir is known to be water- 
wet, the saturation exponent should be measured with native-state (preferably) 
or restored cores. If the reservoir is oil-wet and clean cores are used that may 
be water-wet, the saturation exponents that are obtained can lead to an under- 
estimate of connate water saturation in the formation tested. 

FORMATION EVALUATION 

Formation evaluation, as applied to petroleum reservoirs, consists of the 
-quantitative and qualitative interpretation of formation cores, geophysical well 
logs, mud logs, flow tests, pressure tests, and samples of reservoir fluids. The 
goal of the interpretation is to provide information concerning reservoir 
lithology, fluid content, storage capacity, and producibility of oil or gas reser- 
voirs. The final analysis includes an economic evaluation of whether to complete 
an oil or gas well and, once completed, an ongoing analysis of how to produce 
the well most effectively. These interpretations and analyses are affected by 
geological complexity of the reservoir, rock quality, reservoir heterogeneity, and, 
from a logistical standpoint, the areal extent and location of the project of 
interest. In the early stages of development, the purpose of formation evaluation 
is to define reservoir thickness and areal extent, reservoir quality, reservoir fluid 
properties, and ranges of rock properties. The key rock properties are porosity, 
permeability, oil, gas, and water saturations. Because of space limitations and 
the importance of these properties, methods of measuring porosity, permeability, 
and fluid saturations will be emphasized. 

Coring and Core Analysis 

Routine or conventional core analyses refer to common procedures that 
provide information on porosity, permeability, resident fluids, lithology, and 
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Figure 5-61. Influence of wettability on saturation exponent [179]. 

texture of petroleum reservoirs. Table 5-20 [180] lists the types of analyses that 
are obtained and how the results of each analysis are used. Specialized core 
analyses, such as are listed in Table 5-21, are done less often, but are important 
for specific applications. Routine core analyses can be performed on whole cores 
or on small plugs that are cut from a larger core. With the exception of 
petrographic analyses (thin sections, x-ray; scanning electron microscopy, etc.), 
special core andyses are normally done with core plugs. After a well is drilled 
and logs are available to identify zones of interest, very small portions of the 
reservoir can be obtained with percussion sidewall or sidewall drilled cores. 
Sidewall cores are less expensive and are valuable for petrographic analyses, but 
are generally not suitable for special core analyses. 

The subject of coring and core analysis was summarized recently in a series 
of articles [181-1891. An overview article [190] described how core analyses can 
aid reservoir description. A handbook [191] is available that describes procedures 
and tools for conventional coring as well as methods for routine core analysis. 
Procedures for routine core analysis and methods of preserving cores have been 
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Table 5-20 
Routine Core Analysis Tests 

Type of analysis Use of results 

Porosity 

Permeability-horizontal 

A factor in volume and storage determinations. 

Defines flow capacity, crossflow, gas and water coning 
and relative profile capacity of different zones, pay 
and nonpay zones. 

and vertical 

Saturations 

Lithology 

Defines presence of hydrocarbons, probable fluid 
recovery by test, type of recovery, fluid contacts, 
completion interval. 

Rock type, fractures, vugs, laminations, shale content 
used in log interpretation, recovery forecasts, capacity 
estimates. 

Core-gamma ray log 

Grain density 

From Reference 180. 

Relates core and log depth. 

Used in log interpretation and lithology. 

recommended by the American Petroleum Institute [192]. Some of the infor- 
mation available in these sources will be highlighted. 

Coring 

Well coring refers to the process of obtaining representative samples of the 
productive formation in order to conduct a variety of laboratory testing. Various 
techniques are used to obtain core samples: conventional diamond-bit coring, 
rubbersleeve coring, pressure coring, sidewall coring, and recovery of cuttings 
generated from the drilling operation. Conventional coring is normally done 
in competent formations to obtain full-diameter cores. Rubber sleeve-coring 
improves core recovery in softer formations. Pressure coring, although relatively 
expensive, is used to obtain cores that have not lost any fluids during lifting of 
the core to the surface. 

A common problem with all of these techniques is to decide when to core. 
In many instances, cores from the interval of interest are not obtained because 
of abrupt stratigraphic changes. A second problem is that, typically, non- 
productive intervals of the desired strata are obtained. These intervals did not 
initially contain a significant amount of hydrocarbon. 

Core Preservation 

The importance of not altering wettability with drilling mud filtrate has been 
discussed in this chapter in the section entitled “Wettability and Contact Angle.” 
Preventing wettability changes in core material, after it has been recovered at 
the surface, can be equally important so that subsequent laboratory measure- 
ments are representative of formation conditions. 
Cores obtained with drilling muds that minimize wettability alteration, and 

that are protected at the well-site to prevent evaporation or oxidation, are called 
preserved cores. They are also referred to as fresh cores or nativestate cores. 
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Table 5-21 
Special Core Analysis Tests 

Type of test Use of results 

Capillary pressure 
Rock compressibility 
Permeability and porosity vs. 

Petrographic studies 
pressure 

mineral 
diagenesis 
clay identification 
sieve analysis 

Wettability 

Electrical 
formation factor 
resistivity index 

Acoustic velocity 
Visual inspection 
Thin sections, slabs 
Air, water, and other liquid 

permeability 

Flood-pot test and waterflood 
evaluation 

Relative permeability 
gas-oil 
gas-water 
water-oil 
oil-special fluids 
thermal 

Defines irreducible fluid content, contacts. 
Volume change caused by pressure change. 
Corrects to reservoir conditions. 

Used in log interpretation. 
Origin of oil and source bed studies. 
Origin of oil and log analysis. 
Selection of screens, sand grain size. 
Used in capillary pressure interpretation and 
recovery analysis-relative permeability. 

Used in log interpretation. 

Log and seismic interpretation. 
Rock description and geological study. 

Evaluates completion, workover, fracture and 
injection fluids; often combined with flood-pot 
test. 
Results in values for irreducible saturations, 
values for final recovery with special recovery 
fluids such as surfactants, water, and polymers. 
Relative permeability is used to obtain values 
for effective permeability to each fluid when two 
or more fluids flow simultaneously; relative 
permeability enables the calculation of recovery 
versus saturation and time while values from 
flood-pot test pive only end-point results. 

From Reference 180. 

Cores that are cleaned with solvents and resaturated with reservoir fluids are 
called restored-state cores or extracted cores. The restoring process is often 
performed on nonpreserved or weathered cores, but the same technique could 
apply to cores that had been preserved. 
Two methods of preserving conventional cores, immediately after they have 

been removed from the core barrel, will prevent changes in wettability for several 
months. One method consists of immersing the core in deoxygenated formation 
brine or suitable synthetic brine (i.e., drilling mud filtrate) and keeping the 
samples in suitable containers that can be sealed to prevent leakage and the 
entrance of oxygen. In the second method, the cores are wrapped in Saran or 
polyethylene film and aluminum foil and then coated with wax or strippable 
plastic. The second method is preferred for cores that will be used for laboratory 
determination of residual oil content, but the first method may be preferred 
for laboratory displacement tests. Plastic bags are often recommended for short- 
term (24  days) storage of core samples. However, this method will not ensure 
unaltered rock wettability. Air-tight metal cans are not recommended because 
of the possibility of rust formation and potential leakage. 
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Cores taken with a pressure core barrel are often frozen at the well-site for 
transportation to the laboratory. (Cores are left in the inner core barrel.) 
Normally, the inner barrel containing the cores is cut into lengths convenient 
for transport. Because of the complexity of the operation, the pressure core 
barrel is not used as extensively as the conventional core barrel. An alternate 
procedure involves bleeding off the pressure in the core and core barrel while 
the produced liquids are collected and measured. Analysis of the depressured 
core is done by conventional techniques. Fluids collected from the barrel during 
depressuring are proportionately added to the volumes of liquid determined 
from core analysis. In this manner a reconstructed reservoir core saturation 
is provided. 

Core Preparation 

Depending on the type of core testing to be done, core samples may be tested 
as received in the laboratory or they may be cleaned to remove resident fluids 
prior to analysis. Details for cutting, cleaning, and preparing core plugs can be 
found in API RP-40: Recommended Practice for Core-Analysis Procedure [ 1921, 
available from API Production Department, 211 North Ervay, Suite 1700, Dallas, 
TX 75201. 

Core Analysis 

Conventional core analysis procedures are described in detail in API RP-40 
and elsewhere [191]. A good discussion on core analysis procedures is in the 
textbook written by Amyx, Bass, and Whiting [19]. 

Porosity. A number of methods [192] are suitable for measuring porosity of 
core samples. In almost all the methods, the sample is cleaned by solvent 
extraction and dried to remove liquid. Porosity can be determined by saturating 
the dry core with brine and measuring the weight increase after saturation. 
Another common method includes compressing a known volume of gas (usually 
helium) at a known pressure into a core that was originally at atmospheric 
pressure. Several other techniques have been used; one of the more common 
methods is the mercury porosimeter in which pressure on the core plug is 
reduced and the volume of the expanded air or gas is measured accurately. A 
summation of fluids technique, which measures and sums the oil, gas and water 
volumes in a freshly recovered reservoir core sample, is often used for plugs or 
sidewall samples of non-vuggy consolidated rocks that contain minimum amounts 
of clay [188]. 

Equations commonly used for calculation of porosity by gas expansion or 
compression include: 

(5-80) 

(5-81) 
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where t$ = porosity expressed as a percent 
V = pore volume < = bulk volume 
Vgr = grain volume 

All volumes should be in consistent units, commonly cm9. If pore volume is 
measured directly in cores that contain vugs (such as some carbonates), Equation 
5-80 may give erroneously high porosity because the bulk volume may be 
erroneously low [188]. If bulk volume of vuggy cores is determined by sub- 
merging the core in mercury or water, Equation 5-81 may yield erroneously low 
porosity [188]. Thus valid porosity values can only be obtained if bulk volume 
and grain volume measurements are accurate. 

Permeability. The permeability of core plugs is determined by flowing a fluid 
(air gas, or water) through a core sample of known dimensions. If the absolute 
permeability is to be determined, the core plug is cleaned so that permeability 
is-measured at 100% of the saturating fluid. Methods of measuring permeability 
of core plugs are described in API RP-27: Recommended Practice for Deter- 
mining Permeability of Porous Media [193]. Equation 5-36 can be used to 
calculate permeability of core plugs. 

Fluid Saturations. Coring procedures usually alter the fluid content of the 
reservoir rock during the coring process. Drilling fluid is jetted against the 
formation rock ahead of the coring bit and the core surface as it enters the 
core barrel; as a result of this flushing action by the drilling mud filtrate, most 
free gas and a portion of the liquid are displaced from the core. When water 
base drilling fluid is used, the mud filtrate may displace oil until a condition 
of residual oil saturation is obtained. Also, this flushing action may result in 
the fluid content of the core being predominately that of the drilling fluid. 
When oil base drilling fluid is used, the core sample that is obtained may be 
driven to an irreducible water saturation. 

Factors Affecting Oil Displaced During Coring. During the coring operation, it 
is important to avoid extreme flushing conditions that could cause mobilization 
of residual oil [194]. Some of the variables that control the amount of oil flushed 
from a core by mud filtrate are: borehole-to-formation differential pressure 
(overbalance), coring penetration rate, core diameter, type of drill bit, drilling 
mud composition (including particle size distribution), depth of invasion of mud 
particles into the core, rate of filtrate production (both spurt loss and total fluid 
loss), interfacial tension of mud filtrate, permeability of the formation (both 
horizontal and vertical), and nature of the reservoir (uniformity, texture, etc.). 
In one type of system investigated in the laboratory [195], the amount of oil 
stripped from cores varied directly with the overbalance pressure, filtration 
production rate, core diameter and core permeability; it varied inversely with 
penetration rate. In that system, the overbalance pressure exerted more inf hence 
than the other factors. When large pressure gradients exist near the core bit, 
unintentional displacement of residual oil may occur in coring operations. In 
this region close to the bit, high velocities caused by this high pressure may 
mobilize some of the residual oil. Drilling mud composition can affect sub- 
sequent laboratory oil displacement tests in core samples by: changing wettability 
of the reservoir rock, altering interfacial tension of the mud filtrate, being 
penetrated by mud particles into the zone of interest, and rielding undesirable 
f h id  loss properties. Since fluids with lower interfacial tension contribute to 
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additional oil recovery, whenever possible, the use of mud additives that lower 
interfacial tension should be avoided. Greater amounts of residual oil are 
displaced from cores as the filtrate production rate is increased. Higher API 
filter loss or smaller core diameters will generally lead to larger amounts of 
flushing, but a key factor in the amount of mobilized residual oil is the spurt 
loss (the rapid loss to the formation that occurs before an effective filter cake 
is formed). As stated previously, uniformity of the formation being cored will 
inf hence the amount of oil that will be displaced. Identical drilling conditions 
may yield varying results with changes in lithology or texture of the reservoir. 
In particular, drastic differences may be observed in reservoirs that contain both 
sandstone and carbonate oil-bearing strata. 

Factors Affecting Oil Saturation Changes During Recovery of Cores. Surface oil 
saturations should be adjusted to compensate for shrinkage and bleeding [ 1231. 
Shrinkage is the term applied to the oil volume decrease caused by a tem- 
perature change or by a drop in pressure which causes dissolved gases to escape 
from solution. Shrinkage of reservoir fluids is measured in the laboratory by 
differentially liberating the samples at reservoir temperature. The formation 
volume factors are used to adjust surface oil volume back to reservoir tem- 
perature and pressure. Gases coming out of solution can cause some oil to flow 
out of the core even though it may have been flushed to residual oil by mud 
filtrate. Bleeding is the term applied to this decrease in oil saturation as the 
core is brought to the surface. Calculations have been proposed E1231 to account 
for shrinkage and bleeding (see the discussion in this chapter entitled “Estima- 
tion of Waterflood Residual Oil Saturation”). 

Measurement of Fluid Saturations. There are two primary methods of determining 
fluid content of cores; these methods are discussed in API RP40: Recommended 
Practice for Core-Analysis Procedure [ 1921. In the retort or vacuum distillation 
method, a fluid content still is used to heat and vaporize the liquids under 
controlled conditions of temperature and pressure. Prior to testing, the gas space 
in the core is displaced with water. The fluids produced from the still are 
condensed and measured, and the fluid saturations are calculated. Normally the 
percent oil and water are subtracted from 100% to obtain the gas saturation; 
however, considerable error may be inherent in this assumption. The second 
common method is the distillationextraction method in which water in the core 
is distilled, condensed, and accumulated in a calibrated receiving tube. Oil in 
the core is removed by solvent extraction and the oil saturation is calculated 
from the weight loss data and the water content data. 

Conventional core samples have oil content determined by atmospheric 
distillation. The oil distilled from a sample is collected in a calibrated receiving 
tube where the volume is measured. Temperatures up to 1,200”F (about 650’C) 
are used to distill the oil from the sample which causes some coking and 
cracking of the oil and the loss of a small portion of the oil. An empirically 
derived correction is applied to the observed volume to compensate for the loss. 
Calibration tests are made on each type of oil. 

Whole core samples have oil content determined by vacuum distillation. This 
technique is used to remove oil from the sample without destroying the minerals 
of the sample. A maximum temperature of’ 450°F is used. The oil distilled from 
the sample is collected in a calibrated receiving tube which is immersed in a 
cold bath of alcohol and dry  ice at about -75°C. This prevents the oil from 
being drawn into the vacuum system. As in the atmospheric distillation method, 
corrections must be applied to the measured volumes. 



Formation Evaluation 93 

The oil content (V,) divided by the pore volume (V,) yields the oil saturation 
(So) of a sample in percent of pore space: 

so = - 100 c; 1 (5-82) 

Two sources of error are inherent in the retort method. At the high tem- 
peratures employed, water of crystallization within the rock is driven off which 
causes the water saturation to appear to be higher than the actual value. Another 
error results from the cracking of the oil and subsequent deposition of coke 
within the pore structure. Thus, a calibration curve should be prepared on 
various gravity crudes to compensate for the oil lost from the cracking and 
coking. Both of the above errors will result in a measured oil saturation that is 
lower than the actual saturation in the rock. Another possible source of error 
is the liberation of carbon dioxide from carbonate material in the core at 
elevated temperatures; this would cause a weight loss that can be interpreted 
as a change in saturation. The solvent extraction method has the disadvantage 
in that it is an indirect method since only the water removed from the core is 
measured. However the extraction method has the advantage that the core is 
usually not damaged and can be used for subsequent tests. 

Grain Density and Core Description. Grain density and lithologic descriptions 
are often provided in data for routine core analysis. Grain density depends on 
the lithology and composition of the reservoir of interest. Densities of some 
common minerals found in reservoir rocks are listed in Table 5-22 [41]. 

Results oi Core Analyses from Various Reservoirs. Typical core analyses [23] 
of different formations from various states and regions of the U.S. are listed in 
Table 5-23a to 5-2%. In addition to ranges in permeability, porosity, oil satura- 
tion, connate water saturation, the depth and thickness of the productive 
intervals are given. 

(tmt continued ma page 108) 

Table 5-22 
Densities of Common Minerals 

In Reservoir Rocks 

Material 
Matrix denslty' 

(amlcmg) 

Sand (consolidated) 
Sand (unconsolidated) 
Limestone 
Dolomite 
Shale 
Gypsum 
Anhydrite 
Halite 

2.65 
2.65 
2.71 

2.8-2.9 

2.32 
2.9-3.0 
2.16 

1.8-2.7 

_ _ _ _ ~  

From Reference 41. 
These figures are averages and may vary from area to 
area, depending on types and abundance of secondary 
minerals. 



Table 5-23 
Typical Core Analyses from Various Reservoirs [23] 

(a) Arkansas 
Range of Avg. 

Avg. prod. prod. Avg. 
Range of prod. thlck- thlck- Range of Avg. Range of poros- Range of 

Fluid prod. depth, ness, ness, perm. perm. prorosity, Ity, oll satn., 
Formatlon prod. depth, ft ft ft ft K, md K, md % % % 

M 
3 
8. s Range of Avg. CD 
q 

all connate connate 3 
% satn., % satn., % 

w. Avg. calc. celc. 

satn., water water 

Blossom 
Cotton Vally 
Glen Rose+ 
Graves 
How 
Meakin 
Nacatoch 
Paluxy 
Pettit 
Rodessa* 
SmackoverP 
Tokio 
Travis Peak 
Tuscaloosa 

C/O' 
c/o 
0 

c/o 
0 

GICIO' 
CIO 
0 
0 
0 

GICIO 
c/o 
c/o 
c/o 

2,190-2,655 
5,5304,020 
2,4704,835 
2,400-2.725 
3,1459,245 
2,270-2,605 
1,610-2,392 
2,8504,890 
4,0104,855 
5,9904,120 
6,340-9.330 
2,324-2,955 
2,6956,185 
3,020-3,140 

2,422 
6,774 
3,052 
2,564 
3,195 
2,485 
2,000 
3,868 
4,933 
6,050 
8,260 
2,640 
3,275 
3,080 

3-28 15 
4-79 20 
5-15 10 
2-26 11 

12-33 17 
2-20 11 
6-45 20 
6-17 12 
4-19 11 
8-52 16 
2-74 18 
2-19 13 
3-25 10 
4-25 15 

1.6- 8,900 
0.6- 4,820 
1.6- 5,550 
1.2- 4,645 
6.5- 5,730 
3.0- 6,525 

5-13,700 
0.1- 698 
0.1- 980 
0.1-1 2,600 
0.5-1 1,550 
0.4- 6,040 

0.7- 6,930 

0.4- 3,760 

1,685 
333 
732 

1,380 
1,975 
1,150 

1 42 
1,213 

61 
135 
850 

2,100 
460 
506 

~~ 

15.3-40 
11.3-34 
17.3-38 
9.840 

14.4-41 
17.1-40 
9.941 

15.1-32 
6.2-28 
5.1-28 
1.1-34 

13.6-42 
9.4-36 

15.6-39 

~ 

32.4 
20.3 
23.4 
34.9 
30.9 
31.8 
30.5 
26.9 
15.4 
16.5 
14.2 
32.1 
24.3 
27.3 

~ ~~~~ 

1.2-36 
0.9-37 
4.042 
0.3-29 
2.6-56 
0.6-43 
0.2-52 
7.549 
9.1-29 
0.7-26 
0.7-41 
0.9-57 
0.5-36 
0.3-53 

20.1 
13.1 
21 .o 
16.8 
19.9 
12.9 
4.9 

21.2 
12.7 
14.8 
12.8 
25.6 
14.3 
14.0 

24-55 
21-43 
28-50 
19-34 
26-34 
24-63 
41-70 
28-43 
25-44 
25-38 
21-50 
1 7 4 3  
16-48 
31-63 

~ 

32 
35 
38 
30 
27 
43 
54 
35 
30 
31 
31 
27 
36 
45 

From Reference 23. 
" Indicates fluid produced: G-gas; C-condensate; O-oil. 
t Specific zone not indentified locally. * Includes data from Mitchell and Gloyd zones. 

Includes data from Smackover Lime and Reynolds zones. 



(b) East Texas Area 

Range of Avg. Range of Avg. 
Avg. prod. prod. Avg. Avg. calc. calc. 

Fluid prod. depth, ness, ness, perm. perm. proroslty, tty, oil satn., satn., water water 
Range of prod. thick- thick- Range of Avg. Range of poroa- Range of oil connate connate 

Formation prod. depth, ft ft n n K, md K, md % % % % aatn., % satn., % 

Bacon c / o  
Cotton Vally C 
Fredericksburg 0 
Gloyd c / o  
Henderson G/C/O 
Hill c / o  
Mitchell 0 
Mooringsport 0 
Nacatoch" 0 

Pecan Gap 0 
Pettitt G/C/O 
Rodessa c/o 
Sub-Clarksville* 0 
Travis Pea@ CIO 
Wolfe City 0 
Woodbine c / o  
Young C 

Paluxy 0 

6,685-7,961 
8,448-8,647 
2,330-2,374 
4,812-6,971 
5,976-6,082 
4,799-7,668 
5,9414,095 
3,742-3,859 

479-1,091 
4,159-7,867 
1,233-1,636 
5.967-8 379 
4,790-8 756 
3,9404,844 
5,9094,292 

981 -2,054 
2,753-5,993 
5,446-7,075 

7,138 3-24 11 
8,458 7-59 33 
2,356 5- 8 7 
5,897 3-35 19 
6,020 3-52 12 
5,928 3-16 9 
6,010 3 4 3  21 
3,801 4-12 8 

743 2-21 12 
5,413 7-46 27 
1,434 5-20 13 
7,173 2-23 11 
6,765 4-42 17 
4,892 3-25 12 
6,551 2-30 11 

4,373 2 4 5  14 
1,517 6-22 13 

6,261 4-33 17 

0.1- 2,040 
0.1- 352 
0.1- 4.6 
0.1- 560 
0.1- 490 
0.1- 467 
0.1- 487 
0.4- 55 
1.9- 4,270 
0.1- 9,600 
0.5- 55 
0.1- 3,670 
0.1- 1,180 
0.1- 9,460 
0.1- 180 
0.3- 470 
0.1-13,840 
0.1- 610 

113 
39 
1.2 
21 
19 
70 
33 
5 

467 
732 

6 
65 
51 

599 
42 
32 

1,185 
112 

1.5-24.3 
6.9-17.7 

11.9-32.8 
6.0-24.0 
7.0-26.2 
6.4-32.2 

5.3-19.6 
13.4-40.9 
6.3-31 .I 

16.3-38.1 
4.5-25.8 
2.3-29.0 
8.2-38.0 
5.6-25.8 

17.1-38.4 
9-7-38.2 
4.4-29.8 

7.2-29.0 

15.2 
11.7 
23.1 
14.9 
15.2 
15.6 
15.5 
14.6 
27.1 
21.6 
26.6 
14.7 
14.5 
24.8 
15.0 
27.9 
25.5 
19.7 

2.7-20.6 8.6 
1.1-11.6 2.5 
3.3-39.0 20.8 

tr-24.3 8.2 
0.6-23.3 10.6 
0.9-26.7 12.2 
1 .8-25.9 12.5 
2.8-26.6 13.8 
0.6-37.4 14.5 
2.248.7 24.1 
3.5-49.8 12.9 
0.9-31.6 9.8 

tr-25.3 5.3 
1.4-34.6 17.9 
0.142.8 12.5 
1.5-37.4 15.6 
0.7-35.7 14.5 

tr-4.5 0.8 

9-22 
13-32 
35-43 
16-45 
21-44 
23-47 
15-47 
29-48 
24-55 
2 2 4 7  
30-56 
10-35 
6-42 

12-60 
17-38 
23-68 
14-65 

16 
25 
41 
31 
27 
33 
29 
40 
41 
30 
46 
23 
23 
33 
26 
46 
35 s. 

r 
8 
2 

13-27 21 
r 

m 
c 
E 
g. 

Small amount of Navarro data combined with Nacatoch. 
t Data for Pittsburg, Potter, and Upper Pettit combined with Pettit. 
* Small amount of Eagleford data combined with Sub-Clarksville. 
5 Data for Page combined with Travis Peak. 

4 

s 



CB Table 5-23 Q1 

(contlnued) 
(c) North Louisiana Area w 

Range of Avg. 8 
2 Range of Avg. 

Avg. prod. prod. Avg. Avg. calc. calc. 

Fluid pmd. depth, ness, ness, perm. perm. proroslty, Ity, 011 oatn., oatn., water water 
Range ol prod. thlck- thlck- Range of Avg. Range of poroa- Range of oil connate connate 8. 

Formatlon prod. depth, tt R tt tt K, md K, md % % % % satn., % satn., % 
2. 0 

Buckrange C/O 1,908- 2,877 2,393 2-24 13 0.1-2,430 305 13.4-41 31.4 0.7-51 22.6 2 9 4 7  35 2. Annona Chalk 0 1,362- 1,594 1,480 15-69 42 0.1- 2.5 0.7 14.3-36.4 26.6 6.0-40 22 24-40 37 

Cotton Vallep GICIO 3,650- 9,450 7,450 4-37 20 0.1-7,350 135 3.5-34 13.1 0.0-14 3.1 1 1 4 0  24 09 
Eaglefordb C 8,376- 6,417 6,397 9-11 10 3.5-3,040 595 12.8-26 22.9 1.6-28 4.3 . , . 36 
Fredericksburg G/C 6,610- 9,860 6,220 6- 6 7 1.6- 163 90 12.8-23.1 19.9 1.74.3 2.7 3 5 4 9  41 
Haynesville C 10,380-10,530 10,420 22-59 40 0.1- 235 32 5.5-23.1 13.4 1.1-14.5 5.1 31-41 38 
Hosston C/O 5,420- 7,565 6,460 5-15 12 0.4-1,500 140 8.8-29 18.6 0.0-35 6.6 16-37 26 
Nacatoch 0 1,223- 2,176 1,700 6-12 6 274,900 447 25.840 31.4 2.5-33 19.5 45-54 47 
Paluxy C/O 2,195- 3,240 2,717 2-28 16 0.25,060 490 9.6-39 27.2 0.1-48 11.6 23-55 35 

Plne Islandd 0 4,960- 5,060 5,010 5-13 9 0.2-1,100 285 8.5-27 20.6 13.3-37 24 1 16-30 22 
PettiP C/O 3,995- 7,070 5,690 3-30 14 0.1- 567 26 4.5-27 14.3 0.169 15 6 10-43 29 

Rodessa- GlClO 3,625- 5,650 4,860 6-52 18 0.1-2,190 265 5.1-34 19.1 0.0-31 2.9 21-36 30 
Schulef GICIO 5,500- 9,190 6,450 4-51 19 0 13,160 104 3.6-27.4 15.0 0.0-24 4.6 6-51 25 
Sligog C/O 2,685- 5,400 4,500 3-21 7 0.1-1,610 158 7.3-35 21.1 0.6-27 9.8 1 2 4 7  31 
Smackover C/O 9,980-10,790 10,360 6-55 24 0.1-6,190 220 3.4-23 12.9 1.1-22 7.2 9-47 25 
Travis Peakh C/O 5,890- 7,900 6,895 7-35 18 0.1-2,920 357 7.0-27 19.4 0.1-35 6.6 26-36 31 
Tuscaloosa G/C/O 2,645- 9,680 5,164 4-44 24 0.1-5,750 706 10.7-36 27.6 0.0-37 6.5 31-61 43 

a Data reported where member formations of Cotton Valley group not readily identifiable. 
Data reported as Eutaw in some areas. 
Includes data reported as Pettit, Upper Pettit, and Mid Pettit. Sometimes considered same as Sligo. 
Sometimes referred to as Woodruff. 

a Includes data reported locally for Jeter, HIII, Kilpatrlck, and Fowler zones. 
I Includes data reported locally for Bodcaw, Vaughn, Doris, McFerrin, and Justiss zones. 

Includes data reported as Birdsong-Owens. 
Frequently considered same as Hosston. 



(d) California 
Range of Avs. Ave. Range of Ave. Range 

Ave. prod. prod. Ave. range Avg. Range d total calc. calc. of Ave. 
Range of prod. thick- thlck- Range of Ave. Range d poros- ot 011 oll total water water connate grav- grav- 

!%Id prod. depth, ne=, ness, perm. perm. porostty, Ity, aatn., satn., water sstn., water water Hy, Ity, 
Formatlon Ana prod. dapth, R f i  n R K, md K, md % % % % satn.. % % satn., % aatn., % "API "API 

Eocene, Lower San Joaquin 

Mlocene Los Angeles 
Valley' 

Basin and 
Coastal3 

Miocene, Upper San Joaquin 
Vallep 

Los Angeles 
Basin and 
Coastalo 

Mlocene, Lower San Joaquin 
Valley' 

Los Angeles 
Bash and 
Coastal' 

Vallep 
COastaP 

Pliocene San Joaquin 
Valley' 

Los Angeles 
Basin and 
Coastall 

Oligocene San Joaquin 

0 8,8204,263 7,940 - 

0 2,870-9,530 5,300 60- 450 

0 1,940-7,340 4,210 10-1,200 

0 2,5204,860 4,100 5-1.040 

0 2,770-7,590 5,300 30- 154 

0 3,6046,610 4,430 20-  380 

0 4.589-4,717 4,639 - 

0 5,8364,170 6,090 - 
0 2,4564,372 2,730 5- 80 

0 2,0504,450 2,680 - 

- 
165 

245 

130 

76 

134 

- 
- 
33 

100 

35-2,000 518 

104,000 300 

4-7,500 1,000 

86-5.MO 1,110 

154,000 700 

2551.460 842 

10-2.000 526 

20- 400 107 
27B-9.400 1,250 

25-4.500 1.41 0 

14-26 

15-40 

17-40 

19.5-39 

2 0 4 8  

21-29 

19-34 

15-22 
3 0 4 6  

24-11 

20.7 

28.5 

28.2 

30.8 

28.4 

24.3 

26.3 

19.5 
34.8 

35.6 

8-23 14.1 

6-65 18.8 

9-72 3Z1 

10-55 25 

4-40 19 

13-20 15.8 

12-40 22 

6-17 11.8 
7-43' 24.1' 

15-80 45 

16-51 

25-77 

20-6Ek 

22-72 

2-0 

32-67 

2-60 

19-56 
39-84 

19-54 

35 

50 

50k 

44 

51 

53 

43 

46 
54 

36 

15-49 35 

15-72 36 

12-62 30 

12-61 30 

14-67 36 

27-60 37 

3-45 30 

15-52 42 
10-61 34 

1 0 4 0  21 

26-34 31 

15-32 26 

13-34 23 

11-33 21 

1 5 4 0  34 

34-36 35 

3 7 4 8  38 

- 25 
1&44 24 9 

8 
12-23 15 8 

P, 

E 

d 

Mainly data from Gatchell zone. I Includes Ranger and Tar zones. m 

!3 Includes Upper and Lower Terminal, Union Pacific, Ford, "237," 
and Sesnon zones. 
Includes Kernco, Republic, and '26 R" zones. 
Includes Jones and Main zones. 

e Includes "JV," Oicese, and Phacoides zones. 
Mainly data from Vaqueros zone. 

Mainly data from Sespe zone. 

Oil-base data show high oil saturation (avg. 61 percent) and low water 
(3-54 percent, avg. 15 percent). 

included in above "oil-saturation" values. 

pl 

s i? i Oil-base data show range 27.6 to 52.4 and avg. of 42.3 percent-not 

(0 
4 g Mainly data from Oceanic zone. 

i Includes Sub Mulinia and Sub Scalez No. 1 and No. 2 zones. 



Table 5-23 
(continued) 

(e) Texas Gulf Coast-Corpus Christi Area* 
Range of Avg. Rangeof Avg. 

Avg. prod. prod. Avg. calc. calc. 
Rangeof prod. thick- thick- Rangeof Avg. Rangeof Avg. Rangeof oil connate connate Rangeof Avg. 

Ruld prod. depth. neem, ness, perm. perm. porosity, porosity, 011 satn., satn., water water gravity, gravity, 
Formatlon prod. depth, ff, ft ff R K, md K, md % % % % satn., % satn., 94 'API "API 

Catahoula 0 3,6004,800 3,900 1-18 8 45-2,500 670 17-36 30 1-30 14 30-44 36 23-30 29 
FrlO C/O 1.400-9,000 6,100 3-57 13 5-9.000 450 11-37 27 2-36 13 20-59 34 23-48 41 

Marginulina C 6,500-7,300 7.000 5-10 7 7- 300 75 14-30 24 1-4 2 20-48 34 55-68 60 
Oakville 0 2,4003,100 2,750 5-35 22 25-1,800 700 21-35 28 9-30 18 32-48 44 23-26 25 
Vlcksburg C/O 3,000-9,000 6,200 4-38 12 4-2.900 220 14-32 24 1-17 7 26-54 38 37-65 48 
Wilcox C 6,0004,000 7,200 30-120 60 1- 380 50 15-25 19 0-1 0 1 22-65 37 53-63 58 

Jackson 0 600-5,OOO 3,100 2-23 9 5-2,900 350 16-38 27 3-32 15 21-70 45 22-48 37 

Yegua 0 1,800-4,OoO 3,000 3-21 7 8-1,900 390 22-38 29 440 17 14-48 36 20-40 32 

Includes counties in Texas Railroad Commission District I V  Jim Wells, Brooks, Hidalgo, Aransas, San Patricio, Nuecss, Willacy. Duval, Webb, Jim Hog, 
and Starr. 



(f) Texas Gulf Coast-Houston Area 
Range d Avg. Avo. Ranged Avg. 

Ave. Am. tobl calc. CnIC. 
Rang. of prod. thlck- llck- Ranp d AVQ. R8naaoot porom- Rang. ot 011 Ranged water con- connet. R a n p d  Avg. 

F0~8t lOn prod. depth, R R n R K,md K,md % % % % edn., % % rrtn., % mtn., % 'API "API 

AVQ. plod. prod. 

Fluld plod. depth, n.u, neos, perm. perm. poroalty, Ity, oll ..tn., a n . ,  total water edn., water rrat.r gnvlty, gnvlty 

Frlo C 4,000-11.500 8.400 2-50 12.3 18- 9,200 810 18.3-38.4 28.6 0.1- 8.0 1.0 34-72 54 20-83 34 
0 4.800-11.200 7,800 2-34 10.4 33- 9,900 1,100 21.8-37.1 29.8 4.6-41.2 13.5 24-79 52 12-61 33 25-42 38 

Marginulina C 7.100- 8,300 7.800 4-28 17.5 306- 3.870 2,340 35-37 35.9 0.2- 0.8 0.5 33-81 46 1 4 4 1  21 
0 4,700- 8,000 5,400 4-10 5.7 355- 1,210 490 28.5-37.3 32.6 8.1-21.8 15.3 48-68 59 25-37 36 25-30 28 

Miocene C 2.000- 6.000 4,000 2- 8 5.5 124-13,100 2,970 28.6-37.6 33.2 0.2- 1.5 0.5 55-73 66 2 3 6 3  38 
0 2,400- 8,500 3,700 2-18 7.2 71- 7,680 2.140 23.5-36.1 35.2 11-29 18.6 45-89 58 21-55 34 21-34 25 

Vicksburg C 7,400- 8,500 8,100 1- 8 2.0 50- 105 88 28.5-31.0 27.1 0- 1.5 0.2 86-78 74 53-81 58 
0 8,900- 8,200 7,400 3-18 9.3 190- 1,510 826 29.5-31.8 30.4 14.4-20.3 15.3 45-55 53 26-38 35 22-37 35 

Wilcox C 5,800-11,500 9,100 5-94 19.1 3.0- 1.880 96 14.5-27.4 19.6 0.2-10.0 1.5 27-82 48 -4 38 
0 2,900-10,200 7,900 3-29 10.0 9.0- 2.480 I95  16.2-34.0 21.9 4.6-20.5 9.7 32-72 47 20-50 37 19-42 34 

Woodbine 0 4,100- 4.400 4,300 6-13 8.2 14- 880 368 23.5-28.7 25.5 10.7-27.4 20.1 34.4-72.7 48 24-59 36 28-28 27 

0 3.700- 9,700 8,800 2-59 8.5 23- 4.890 903 22.9-38.5 31.6 3.5-21.8 11.4 31-73 57 1 7 4 3  34 -6 37 
Yegua G/C 4,400- 8.700 6,800 9-69 11.0 24- 5,040 750 23.447.8 30.7 0.1-15.5 1.2 26-74 57 17-59 33 

Loulslan8 GUW CM8bLd8y* A m  

Miocene C 5,200-14,900 11,200 Z-98 20.2 36- 6,180 1,010 15.7-37.8 27.3 0.1- 4.7 1.5 37-79 53 20-74 35 

Oligocene C 7,300-14,800 9,800 2-80 14.6 16- 5,730 920 16.7-37.6 27.7 0.5- 8.9 2.3 33-71 51 1 9 6 7  32 
0 2,700-12,700 9,000 2-32 11.0 45- 9,470 1.830 18.3-39.0 30.0 6.5-26.9 14.3 30-72 51 1- 32 25-42 38 

0 6,700-12,000 9,400 2-39 8.3 84- 5,410 1,410 22.1-36.2 29.0 5.2-20.0 11.1 34-70 54 23-80 35 2944 38 

E 

f 
E g. 
s 

(0 
(0 



Table 5-23 
(continued) 

(g) Oklahoma-Kansas Area 
~ ~ ~ ~~ ~ 

Range Avg. 
Range of Avg. of calc. =IC. Range Range ol Avg. 

Avg. prod. prod. Avg. Range ol Avg. total total connate connate ol Avg. 
Flange of prod. thlok- thick- Range ol Avg. Range of Avg. Range of poros- oll oll watar water water water grav- grav- 

Fluld prod. depth, nom, n-s, parm. perm. perm. parm. poroslly, Ity, aatn., aatn., satn., satn., satn., satn., lty, Ity, 
Formatlon prod. depth, R R R R K,md K, md b , m d  K,,,md % % % % % X % % "API "API 

Arbuckle 

AtOlCaC 

Bartlesvllle 

Bois D'Arc 

Booch 

Burgess 

Flrst 
Bromided 

Second 
Bromide. 

Burbank 

Chester 

Clevland' 

Deesao 

G 
0 
P 
P 
0 
T 
P 
0 
T 
G 
0 
G 
0 
T 
P 
0 
P 
0 
T 
(3 

0 
T 
0 
T 
G 
0 
T 
P 
0 
T 
G 
0 

2,700- 5,900 4,500 5.0-37 
500- 6,900 3,500 1.0-65.5 
800-11.600 3,600 2.0-33 

3,700- 3.800 3,700 1.0- 9.0 
500- 4,500 2,800 3.0-16 
300- 3,700 2,100 2.0-10 
700- 7,400 2,600 1.5-42 
200- 5,700 1,500 1 .0-72 
500- 2,600 1,200 4 -40 

4,800- 6,100 5000 4 -46 
3,700- 7,800 6,500 2.3-50 
2.600- 3,200 2,900 5 - 6 
1,WJO- 3,800 2,600 2 -26.5 
2,700- 3,300 3,000 4 - 5 

- 1,600 - 
300- 2,800 1,600 2.5- 9 

6,800- 7,600 7,200 3.0-19.5 
3.700-19,800 8,600 2.0-82 
6.000-13,200 11,500 15 -161.3 
6,900-18,200 12,600 20 -53.6 
4,500-11,200 9,000 3.0- 8.9 
4,400-13,300 9,700 5 -44.5 
1,300- 4.500 2.800 3 -46 
2,600- 3,700 3,000 3 -19 
4,200- 6,700 5,700 2 -45 
4,700- 6,700 5,700 2 -23 
4,800- 6,100 5,700 4 -20.5 
2,200- 5,700 3,500 2 -17 
300- 6,400 3,200 1 -70 

1,900- 3,900 3,100 3 -22 
4,300-11,800 6,500 5 -55 

800-10,000 5,200 2 -60.3 

18.3 
11.8 
14.3 
4.0 
7.6 
6.5 

11.4 
14.0 
14.5 

19 
12.5 
6.5 
8.6 
4.5 

20 
5.6 

11.3 
18.7 
65.1 
37.9 
16.2 
18.4 
17.3 
9.1 

10.9 
6.6 

10.0 
9.0 

13.4 
7.7 

19.3 
11.7 

3.2- 544 131 - 
0.2-1.530 140 0.1-1.270 
0.1- 354 57 0.1135 
1.3- 609 174 - 
02- 920 144 0.6-2.8 
9 - 166 67.3 - 
0.2- 36 10.4 5.5 
0.2- 537 32.7 1.5 
0.1- 63 18.2 0.07 
0.1- 43 24.4 - 
0.3- 664 36.0 0.1-2.2 
1.4- 6.6 4.0 - 
0.3- 160 19.3 - 
3.1- 13 6.0 - 

142 - 
0.2- 104 19 22 
0.6- 62 31.3 0.4 
0.1-2.280 175 0.2-7.4 
0.9- 40 16.3 1.40 
3.4- 72 21.4 0 . 3 4 9  
2.0- 585 118 - 
0.6- 42 12.9 - 
0.1- 226 8.64 - 
0.1- 4.8 1.53 - 
0.1- 269 33.0 0.9-3.5 
0.1- 61 9.11 0-0.5 
0.1- 13 2.36 0.15.0 

2.5- 338 50.6 - 
0.1- 136 15.4 1.4-2.3 
0.1- 112 12.9 - 
7.8- 232 94.1 0.80 
0.4- 694 62.8 1.10 

- 

- 
67.8 
21.8 

1.7 

5.5 
1.5 
0.07 

0.45 

- 

- 

- 

- 
- 
- 
- 

22 
0.40 
2.23 
1.40 
0.60 
- 
- 
- 
- 
1.67 
0.21 
1.16 

1 .85 

0.60 
1.10 

- 

- 

9.0-20.9 
2.1-24.3 
3.7-23.1 
8.5-17.3 
5.9-28.6 

11 3-1 8.6 
8.4-21.1 
8.5-25.8 
6.5-20.1 
3.8-19.8 
1.2-19.3 

11.9-14.8 
6.3-21.4 

16.9-16.1 

8.1-22.8 
1.5- 8.5 
1.4-15.7 
1.5-10.9 
3.5-14.5 
5.6-11.7 
5.6-11.4 
6.4-21.6 
7.1-1 7.0 
2.6-20.7 
2.3-16.0 
3.2-17.6 
9.8-23.5 
7.4-24.6 

11 .O-20.4 
9.8-22.6 
4.7-26.4 

- 

14.4 
12.0 
9.2 

12.9 
14.5 
14.9 
15.6 
17.8 
14.6 
12.2 
7.2 

13.4 
15.6 
17.5 
14.2 
13.2 
4.0 
9.6 
6.5 
6.8 
9.3 
7.4 

15.7 
13.7 
12.2 
10.1 
7.7 

16.9 
15.2 
15.6 
16.7 
17.4 

0.7- 9.4 
5.242.3 
0 -23.8 
0 - 6.1 
5.1-35.1 
5.6-21.1 
0 -11.1 
3.3-60.6 
0.9-35.7 
0 - 8.7 
3.3-25.8 
4.6- 8.8 
4.8-49.7 
7.4- 7.8 - 

16.2-33 
0 - 7.6 
3.1-24 
0.4- 6.6 
0 - 6.9 
2.4-24.2 
0 -13.6 
9.3-26.6 
2.0-15.7 
0 - 7.5 
7.2-35.9 
0 -11.1 
0 - 7.1 
5.e-35.5 
0 -21.1 
2.2- 6.3 
5.9-46.4 

3.7 
17.7 
7.1 
2.0 

20.7 
12.1 
4.7 

18.2 
12.2 
4.3 

15.0 
6.7 

21.5 
7.6 
6.3 

21.5 
3.8 

11 
2.2 
4.0 

11.5 
4.6 

15.3 
11 .2 
1.1 

19.1 
1.2 
4.1 

13.1 
7.8 
3.8 

20.4 

34.5-62.7 43.1 
20.8-79.3 52.4 
37.2-91.9 69.2 
36.4-85.2 47.2 
16.4-61.5 38.7 
42.7-56.4 47.0 
23.4-70 54.1 
17.4-85.2 44.4 
43.9-88 63.5 
32.9-62.4 42.6 
14.556.5 32.4 
50 -51.3 50.7 
15.340 40.0 
47.3-55.2 51.3 
- 37.3 

19.3-85.4 42.2 
35.7-71.8 53.6 
12.847.2 35.4 
29.5-78.8 48.3 
28.2-45.7 37.9 
8.9-44.9 25.1 

21.1-57.6 43.5 
31.5-73.4 47.2 
45.7-80.7 57.8 
20.M0.7 46.8 
17.7-80.8 42.1 
40.9-89.2 61.7 
40 -64.4 46.9 
10.2-74.0 46.7 
32.9-77.2 55.3 
19.154.9 42.1 
14.0-56.6 37.6 

2e-62 
20-79 
37-91 
32-65 
1 9 4 1  

40 
23-88 
17-72 
4 3 4 7  
26-62 
15.59 

50 
15-59 

44 

19-58 
36-72 
12-87 

2&45 
8-44 
40 

31-73 
45-81 
19-81 
17-81 
40-89 
30-84 
10-74 
32-77 
19-49 
13-57 

- 

40 
47 
52 
45 
37 
40 
48 
40 
54 
40 
32 
50 
37 
44 
35 
40 
54 
34 

32 
25 

43. 
51 
43 
33 
61 
42 
44 
49 
37 
33 

29-44 37 
42 42 

31-42 36 

28-42 34 
35 35 

32-42 40 

29-42 35 

31-38 36 

3 1 4 2  40 

42 42 
37-42 41 

95-41 39 

98-42 40 

2 7 6 6  42 

1 7 4 2  32 



Hoover 

Hoxbar 

Hunton 

Lanslng 

Layton 

Marmatom 
Mlaner 

Misslsslppi 
Chat 

Mlsslssippl 
Lime 

McUsh 

Mormw 

Oil Greek 

Oswego 

Peru 

Prue 

Purdy 

G 
0 
T 
G 
0 
T 
0 
T 
0 
T 
G 
0 
T 
0 
0 
0 
T 
G 
0 
T 
G 
0 
T 
G 
0 
G 
0 
T 
G 
0 
T 
0 
0 
T 
G 
0 
T 
G 
0 
T 
0 
T 

2,200- 6,800 4,000 4 -49 
1,800- 2,100 2,000 3 -37 
1,900- 2,000 2,000 2 - 17 
3,800- 6,660 6,300 9 - 11 
1,000-10.300 4,200 2 -63 
2,900- 3,000 3,000 3 - 13 
1.800- 9,600 4,600 2 -77.3 
2,500- 8.700 4,900 2 -73 
1,900- 5,600 3,800 3 - 16.2 

- 3,300 - 
700- 6,100 3,900 4 -18 
500- 6,300 2.900 1 -57 

1,800- 5,700 3,200 3 -15.5 
4,300- 4,800 4,400 1.5- 7.5 

6,100 8,100 3 -14 
2.600- 6,5M 4,300 2 -56.5 
4,900- 6,200 6,000 8 -21 
1.600- 5,100 4,000 2 -34.4 

800- 5,200 3,100 2 -48.1 
1,200- 5,200 3,900 1 -43 

900- 6,800 4,600 3 -27.1 
800- 8,800 4,100 1.5-95.3 
400- 7,200 4,000 4 -70.1 

3,600-17,000 10,100 14 -56 
1,800-11,200 6,100 3 -42 
4,300- 9,700 6,100 2 -64 
4,100- 7,500 6,700 2 -37 
5,500- 6,900 6,100 3 -30 
7,100-14,000 10,900 14 -149 
5,100-11,700 8,300 3 -71 
8,400-13,700 12,300 8 -27 
4,500- 4,600 4,600 6 - 9 

1,200- 5,600 3,900 2 -21  
1,200- 5,300 3,100 4 -17 

200- 3,200 1,200 2 -42 
700- 2,500 1,500 4 -21 

3,000- 6,600 4,000 5 -22 
600- 5,700 3,100 2 -81 

3,000- 5,400 3,700 3 - 18 
4,200- 7,400 4,500 3 -30 

300- 6,300 3,800 3.6-34.1 

- 4,200 - 

16.6 1.9- 200 81.8 
11.9 1.3- 974 286 
6.4 55 - 766 372 

10.0 6.4- 61 33.7 
14.4 0.1-1,620 277 
9.3 0.5- 31 14.4 

14.0 0.1- 678 34.5 
14.7 0.1- 46 5.3 
6.5 0.9- 380 101 

22.0 - 14 
9.3 0.2- 210 28.3 

10.3 0.3- 280 54.1 
7.4 1.1- 143 23.8 
4.7 24 - 105 46.4 
8.5 37 - 171 104 

10.6 0.1- 603 89.7 
15.8 0.1- 120 41.8 
16.1 0.4- 516 33.5 
12.2 0.1- 361 21.9 
10.9 0.2- 229 21.3 
13.3 0.1- 129 22.2 
12.0 0.1-1,210 43.5 
17.4 0.1- 135 7.5 
35.3 12 - 88 46.0 
12.2 0.7- 157 39.0 
11.0 0.1-1,450 115 
9.8 0.2-1.640 117 
9.5 0.1- 410 34.4 

46.3 0.1- 132 32.0 
12.6 0.1- 615 131 
15.0 0.1- 87 22.1 
6.5 2.4- 151 78.7 

12.3 0.2- 296 27.3 
10.6 0.1- 117 27.0 
9.8 3.1- 42 15.0 

12.4 0.2- 264 20.8 
10.3 1.7- 604 205 
13.8 0.7- 42 18.3 
14.6 0.1- 254 22.6 
11.7 0.5- 133 42.8 
14.8 7.4- 500 182 
4.6 - 195 

- 
0-77.0 
0.1-7.9 
0.3-182 
- 
- 

05-162 

0.20 

0-2.1 

0.2-74 
0-216 
0-163 
0.1-69 
0.1-165 
0.1-38 

- 

- 
- 

- 
6.2-8.8 
0.3-55 
0.1-48 

0.2-230 
- 

- 
0.1-66 
0-41 
- 
- 

- 
51-266 
- 

- 11.7-23.4 
- 12.7-24.1 
- 16.7-22.5 
- 13.9-16.2 
- 3.1-29.7 
- 14.3-22.7 
5.24 1 -33.8 
2.04 1 -19.5 

52.3 8.4-16.0 
6.7 - 
- 5.1-25.9 

23.3 4.6-27.2 
- 14.2-21.3 
0.20 1.8-21.4 
- 11.0-12.1 
0.62 2.1-20.9 
- 1.4-11.3 

13.9 6.5-37.8 
13.7 5.7-39.3 
14.2 1.598.0 
13.2 1.5-23.6 
9.44 1.2-34.1 
4.23 1.146.1 

- 5.5- 1.5 
7.5 4.2-24.4 

23.1 5743.2 
28.0 5.5-16.2 
- 6.1-13.5 

75.6 1.8-29.9 
- 5.2-16.1 
- 12.0-17.3 
9.24 2.8-21.6 

11.5 4.7-20.9 
- 12.3-17.5 
- 12.7-33.8 
- 13.6-24.4 
- 13.8-22.4 
- 7.6-23.6 
- 8.8-23.4 

179 12.3-18.8 
166 - 

- 2.8- 9.6 

18.3 
19.7 
20.5 
16.1 
16.5 
18.5 
10.9 
7.3 

12.2 
7.2 

14.5 
17.8 
17.1 
14.0 
11.6 
11.9 
8.1 

21.0 
22.3 
16.7 
10.3 
13.4 
9.3 
6.7 

11 .o 
14.8 
14.6 
11.3 
9.0 

13.1 
10.9 
14.7 
10.1 
6.7 

15.6 
16.7 
19.2 
17.8 
17.0 
17.5 
16.7 
17.6 

0 - 7.0 
12.6-23.1 
6.6-17.1 
0.7- 4.4 
3.2-46.7 
3.3-11.4 
1.6-34.5 
0 -61.1 
6.5-28.9 

0 - 7.8 
1.6-37.3 
0 -14.3 
8.4-18.1 
2.1- 2.3 
4.1-41.6 
0 - 8.2 
0 - 6.8 
1.490.0 
1.1-18.3 
0 - 9.3 
2.1-56.5 
0 -41.2 
4.0-14.7 
5.1-27.7 
0 -33.0 
0.7-44.5 
0 -15.2 
0 - 6.5 
1.3-29.5 
0 - 5.8 
5.1- 6.4 
0 -27.1 
0 -14.5 
0.1- 7.9 
6.7-36.8 
2.8-25.5 
2.3- 9.1 
4.7-34.1 
3.7-34.3 

10.1-27.2 

- 

- 

0.6 41.1-77.1 53.6 
16.0 14.8-46.5 40.2 
14.5 34.8-50.7 42.9 
2.6 40.140.6 40.4 

21.4 13.8-68.5 45.1 
6.6 50.5-69.8 57.8 

15.3 16.7-93.4 48.6 
10.6 18.0-68.7 54.5 
18.1 37.4-68.6 51.9 
12.6 - 75.5 
2.4 38.2-63.7 54.1 

15.3 26 -76.3 45.5 
6.9 33.2-69.4 45.9 

11.7 42.8-86.4 55.5 
2.2 19.8-22.9 21.4 

14.8 16.8-86.7 41.5 
4.7 21.4-51.7 33.0 
2.4 60.9613.4 76.7 

12.9 27.1-94.6 84.0 
7.8 47.4-84.9 71.5 
2.8 22.6-93.5 63.2 

15.0 16.8-85.3 50.7 
6.9 32.M4.0 67.6 
7.8 19.3-76.5 43.9 
13.2 14.862.2 32.1 
4.3 29.0-77.0 46.5 

15.1 23.9-75.5 42.1 
5.0 31.1-90.1 57.2 
1.6 12.5-40.6 25.2 

13.0 14.2-76.4 39.1 
2.6 21.7-74.9 48.6 
5.8 39.8-55.5 47.7 

15.0 16.2-73.4 41.5 
5.6 41.7-89.7 63.4 
4.1 44.3-59.4 ' 52.5 

14.7 34.4-73.1 50.6 
12.0 38.0-60.4 50.7 
5.5 31.4-53.4 42.2 

16.9 24.4-73.1 41.8 
19.0 40.7-80.9 47.1 
20.0 31.4-56.1 41.5 
13.6 - 56.2 

19-76 
14-47 
31-42 
34-39 
12-68 

17-93 
1 6 8 9  
26-89 

34-83 
23-76 
31-69 
42-66 
18-22 
14-67 
20-51 
60-93 
27-95 
42-85 
22-93 
1 8 4 5  
32-94 
19-77 
14-52 
16-77 
16-54 
31-90 
12-40 
14-76 
21-74 
34-55 
15-73 
42-89 
44-56 
28-73 
36-58 
2 5 4 9  
20-72 
92-60 
16-50 

45 
35 
35 
37 
39 

46 
48 
49 

47 
41 
43 
53 
20 
38 
32 
77 
58 
63 
53 
46 
61 
44 
31 
36 
35 
38 
24 
34 

45 
37 
57 
51 
44 
51 
37 
36 
36 
29 

38-42 42 
42 42 

29-42 34 

24-42 38 

31-39 37 

30-42 37 

3642 40 

-6 42 

22-42 35 

22-45 39 

35-48 38 

9-3 40 3 

g 

F 
F 

P, 

29-42 36 z 

35-48 44 

P, 

25-43 36 

34-46 42 

0 
39-44 41 CL 

c 



c 
0 
ho 

Table 5-23 
(continued) 

(9) Oklahoma-Kansas Area 
Rang. Avg. 

Rang. d Avg. Rang. of Avg. d c8Ic. calc. Range 
Avg. prod. plod. Avg. Range of Avg. total total connate connate of Avg. 

Rangod pmd. thlok- thlck- Range d Avg. Rang8 of Avg. Rangad porn- 011 oll water water m h r  water gmv- gmv- 
Fluld plod. depth, neaa., n s y  perm. perm. perm. psnn. pomrlty, Hy. aatn., mn.,  amtn., smtn., ratn., satn., lty, Ity, 

Formdon prod. depth,. R R 11 K,md K,md &,md K , m d  % % % % % % % % 'API OAPI 

Reagan 

Redfork 

Skinner 

strawn 

Sycamore 
Tonkawa 

Tucker 
Tucker 
Tullp Creek 

0 
0 
T 
G 
0 
T 
0 
0 
T 
0 
0 
0 
G 
0 
T 
0 
T 
0 
0 
T 

3.500- 3,500 3,600 2 -13 
2.100- 3.700 3.800 1 -32 
3,800 3.800 5 - 7 

2,300- 7,400 4.800 4 -19 
300- 7,800 3,100 1 -83 

1,200- 3,800 3,100 2 - 9 
1,000 - 5,300 3,700 4 -29 
1.000- 5.800 3,200 1 -42.5 
2,400- 4.600 3,400 8 -35.8 

- 1.100 - 
1,000- 7,400 3,500 2 -40.5 
2.600- 8,700 4,BM) 2 -84 
5,000- 7,100 5,800 4.42-27.5 
2,400- 5,700 4,800 4.42- 28.5 
2.900- 3.100 2,700 4 - 9 
1,300- 2,900 2,200 2 -14 
2,700- 2,800 2.800 8.8-18 
7,200-18,700 13,400 21 -288.4 

700-18,BM) 8,000 2 -135 
1,400-12,900 8,800 3 -85.5 

7.4 
11.0 
8.0 
7.9 

10.5 
5.3 

11.8 
9.2 

11.5 
12.0 
12.4 
25.4 
9.8 
8.7 
7.0 
7.8 

12.5 
78.1 
15.3 

20 

1.1- 173 39.3 
0.%2,740 255 

19.0- 37 38.0 
0.1- 160 23.4 
0.1- 668 14.2 

0- 23 8.3 
0.1- 127 27.7 
0.1- 255 20.8 
0.3- 15 5.0 
- 71.0 

0.1- 599 58.1 
0.1- 3.1 0.87 
0.3- 283 46.7 
1.4- 278 98.8 

2.1- 123 38 
4.3- 252 128 
0.9- 24 7.83 
0.1-1,470 154 
2.0- 143 44.8 

1.3- 405 106 

- 
- 
- 
- 
- 
- 
- 

2-8.6 
2.40 
- 
- 

0.13 

e-22 

- 
- 
- 
53 

0.5-1.0 
O.Sl.8 

0.40 

- 9.3-12.7 
- 8.9-21.5 
- 10.6-12.8 
- 3.0-21 .2 
- 8.6-28.1 
- 10.1-18.8 
- 13.5-19.8 
3.80 7.4-21.7 
2.40 11.7-19.0 

- 8.2-23.5 
0.50 7.2-18.4 
- 11.7-21.4 

15.0 13.2-22.9 
- 15.4-18.9 
- 12.4-20.9 

53 11.M9.5 
0.40 2.0-11.9 
0.80 2.5- 25.0 
0.40 0.7-28.0 

- - 

10.8 
13.3 
11.7 
14.5 
18.2 
15.3 
15.7 
15.3 
15.5 
21.3 
18.6 
13.3 
15.4 
18.4 
17.1 
15.8 
15.7 
6.1 

11.8 
11.0 

1.1- 7.9 
3.042.0 

0 -21.7 
5.4-30.8 
0.9-36.3 
0 - 9.8 
2.5-29.7 
4.9-18.2 

5.7-31.1 
9.2-33.5 
0 - 8.1 
7.5-18.5 
5.9-17.3 
7.3-29.8 
7.1-1 0.Q 
0 - 8.5 
3.c-44.5 
0.7- 7.7 

1.e-10.5 

- 

4.2 
14.2 
5.2 
4.7 

18.9 
Q.9 
4.2 

20.1 
8.5 
9.9 

15.1 
21.1 

2.0 
12.5 
11.4 
18.0 
9.0 
4.1 

12.2 
2.5 

28.4-88.4 44.4 
17.5-72.9 92.9 
33.3-46.7 40.0 
18.2-83.8 45.8 
29.5-57.7 43.7 
41.4-89.7 52.8 
30.6-48 40.8 
14.3-78.7 40.3 
39.9-71.1 52.4 
- 51.8 

28.5-61.5 45.5 
36.041.6 45.5 
31.8-56.3 44.5 
38.1-78.0 45.0 
45.1-52.8 49.0 
35.G50.1 40.7 
58 -64.3 81.2 
23.7-54.8 33.2 
10.043.0 34.9 
15.9-82.8 45.7 

28-88 
12-72 
29-45 
16-83 
27-55 
41-89 
2-7 
14-78 
39-71 

22-55 
32-82 
27-56 
31-78 
4 - 5 2  
32-43 
5%82 
22-55 
s-63 

15-82 

- 

40 
31 
29 
39 
41 
49 
38 
38 
38 
98 
41 
43 
41 
38 
45 
38 
52 
34 
33 
48 

41 41 
2643 38 

32-48 37 

30-46 36 

3 1 4 4  40 
33-38 35 

40-45 43 

29-40 36 

49.5 48.5 
32-50 40 



Vlola 0 
0 
T 

Wayside 0 
First Wilcox 0 

0 
T 

Second 0 
Wilcox 0 

T 
Woodford 0 

4.300- 7,300 
2.1 00-11,100 
2,600-10.300 

300- 2,800 
2,800- 5,400 
2,800- 7.400 
3.200- 6,100 
5,000-1 0,000 
3,700- 8,400 
4,700- 7,500 
4,100- 5,000 

5,400 
4,900 
4,600 

800 
4,300 
4,900 
3,900 
6,700 
6,500 
6,000 
4,800 

3 -73 
2 -111.7 
2 -117 
3.1-34 
2 -35 
2 -26 
1.9-29 
5 -28 
1.3-32 
1.5- 5 
2.6-30.4 

39.1 
17.2 
19.6 
10.8 
11.3 
10.0 
7.7 

13.4 
11.3 
4.4 

16.2 

3.6- 23 10.6 
0.1-1,150 52.3 
0.1- 997 45.1 
0.2- 133 22.2 
0.7- 145 72.1 
0.2- 445 913 
0.2- 418 84.1 
0.2- 154 76.2 
0.4-2.960 214 
0.4- 756 246 
1.4- 250 87.1 

3.40 
0.2-186 
0.3-49 

- 
0.80 - 
- 

2.4-156 

3.40 8.1-10.1 
18.3 1.0-16.1 
4.38 0.6-18.8 
- 13.2-24.9 
- 5.2-15.6 
- 5.4-20.5 
0.80 6.8-17.7 
- 5.0-15.1 
- 4.2-20.6 
- 1.9-20.4 

79.2 1.9- 6.6 

9.3 
8.4 
7.1 

18.6 
10.8 
12.0 
10.9 
11.2 
12.4 
12.9 
4.4 

1.7- 9.4 
3.2-41 .O 
0 -33.7 
8.1-33.8 
0.7- 8.3 
3.8-40.5 
0 -16.9 
0 - 3.8 
2.9-19.2 
0 - 8.4 
8.3-16.7 

5.0 
15.5 
8.6 

18.6 
3.6 

11.7 
7.9 
1.5 

10.2 
8.1 

11.8 

19.7-37.2 30.7 
24.1-85.5 54.4 
39.0-90.8 65.7 
29.4-68.0 51.3 
29.7-80.5 43.9 
15.0-58.2 32.0 
24.0-63.6 41.7 
17.7-45.8 30.9 
19.0-56.3 36.9 
41.4-60.5 42.5 
43.0-87.9 60.1 

19-37 
24-86 
39-90 
28-67 
29-60 
14-56 

17-43 
18-56 
40-80 
43-87 

30 
51 28-48 37 
58 
47 29-42 35 
44 
31 33-50 42 

29 
34 34-42 40 
43 
60 41 41 

a General geologic sections taken at different points in Oklahoma-Kansas areas indicate some variations in the properties and an appreciable variatlons in 
the occurrence and relative depths of many of the more important oil- and/or gas-producing zones, formations, geologic groups, and their members. The 
general identification of core samples from these producing intervals reflect local conditions or activities significantly. In the development of the average 
data values, an attempt has been made to combine data originally reported for locally named zones into more generally recognized formations or 
geologic groups. In some instances (Le., Deese, Cherokee) data are reported for a major geologic group as well as for some of its individual members. 
The values designated by the major group name represent areas where the general characteristics permit identification as to the geologic group but not 
as to group members. In other areas the group members or zones are readily identifiable. The combinations of data and the use of local rather than 
regional geologic names in some instances are explained in the footnotes. 

Includes data reported as Domick Hills and Dutcher. 
Includes Bromide First and Second as reported on McClain County area. 

Includes data reported as Cleveland Sand, Cleveland, Lower, and Cleveland Upper. 
Includes the numerous zones (Deese First, Second, Third, Fourth, Fifth, Zone A. Zone E, Zone C, an Zone D) reported locally for the Anadarko, 
Ardmore, and Marietta Basin areas. In northwest Oklahoma, these different zones are normally referred to as Cherokee. In other areas the zones are 
frequently identlflable and properties are reported as for Redfork, Bartlesville, etc. 

b T Represents transition zone or production of both water and either gas or oil. 

e Data reported locally as Bromide Third, Bromide Upper third, and Bromide Lower have been considered as part of the Tulip Creek. 

c 
0 w 
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Table 5-23 
(continued) 

(h) Rocky Mountain Area 
Range Avg. 
d celc. calc. 

Range oi Avg. Range of Avg. con- con- Range 
Avg. prod. prod. Avg. Range of Avg. toto1 total nab note of Avg. 

Range of prod. thlolc- thlck- Range d Avg. Range of Avg. Range of poroa- oil oil wabr water water water grav- grav- 
Fluid prod. depth, neea, neea, perm. prrn. perm. perm. porosity, ity, aatn., eatn., eatn., ean., man., .atn., ity, lty, 

Formation prod. depth, ft ft ft ft K. md K, md KO,, rnd K,,, rnd % % % % % % % % OAPl OAPI 

Aneth 
Boundary 
butte 

Cliff house 
D Sand 
Dakota 

Desert 
Frontier san 
Gallop 

Hermosa 

0 
G 
0 
G 
0 
G 
0 
0 

ds 0 
Q 
0 
G 
0 

5,100- 5,300 5,200 
5,500- 5,600 5,600 
5,400- 5,900 5,600 
3,w0- 5,800 4 , m  
4.350- 5,050 5.800 

500- 7,100 5,700 
3.400- 7,200 5.800 
5,400- 5,500 5,500 

265- 8,295 2,950 
1,500- 6,900 5,000 

500- 6,400 4,600 
4,900- 7,700 5,600 
5,300- 6,000 5,600 

3.8-23.1 
E 2 7  
2-68 
k58 
7-33 
2-24 
4-1 9 

11.8-16.3 
El 00 
5-25 
2-43 
5-30 
3-38.2 

14.0 
17.5 
16.2 
13.7 
15.0 
9.5 
7.9 

14.9 
46 
11.6 
12.4 
14.1 
15.1 

0.7- 34 9.35 
0.1- 2.0 1.05 
0.1- 114 13.3 
0.1- 3.7 0.94 
0 - 900 192 
0.1- 710 28.6 
0.1- 186 22.3 
1.0- 11 4.4 
0 - 534 105 
0.1- 324 28.5 
0.1-2,470 48.2 
0.1- 91 18.6 
0.1- 37 7.32 

0.2-23 

0.243 
- 
- 
- 

0.08 
33.0 

0.4-2.4 

0.3-20 
0.19.2 

45.0 
0-28 

- 

6.10 
- 

12.5 
- 
- 
0.08 

1.13 
33 

- 
10.2 
0.7 

45.0 
4.26 

4.4-10.5 
4.3- 8.5 
5.4-21.6 
7.0-18.2 
8.6-29.5 
7.3-19.6 
5.0-23.3 

11.9-13.8 
8.3-29.8 
8.5-20.8 
6.9-23.1 
5.5-16.5 
2.7-17.9 

8.1 
4.7 

11.0 
11.3 
21.6 
11.2 
11.2 
12.7 
20.0 
13.3 
12.5 
10.2 
8.3 

14.5-35.9 
4.7 

4.8-28.7 
0 -19.6 
8.4-39.5 
0 - 7.8 

13.8-35.9 
13.4-18.8 
7 . H 7 . 6  
0 -25.6 
8.5-43.7 
0 - 6.5 
3.9-29.1 

25.0 
4.7 

12.5 
4.5 

13.2 
3.5 

24.4 
15.2 
14.9 
5.7 

25.3 
3.0 

10.8 

12.5-30.5 23.6 
23.6-35.0 29.4 

9.Q-48.8 28.3 
10.2-60.9 36.9 

14.8-55.3 40.6 
11.6-44.3 31.0 
14.8-24.7 19.2 

- -  

- -  
20.7-59.2 40.0 
17.2-76.9 35.7 
14.2-45.3 32.7 
11.6-60.0 35.6 

13-31 
23-35 
7-45 

10-50 
9-48 

15-52 
11-44 
14-25 
28-45 
20-54 
14-77 
12-45 
12-60 

24 
29 
27 
36 
23 
38 
29 
19 
33 
37 
34 
32 
35 

41 

40-41 

36-42 

38-43 
41 

31-50 
39 

36-42 

41-42 

41 

41 .I 

38 

40 
41 
41 
39 
39 

40 



Hospa 

J Sene 
Maelm limat 
Menefee 
Mess Verde 

Morrison 
Mud* 
Paradox 

Phosphorla 
(formerly 

Pleture Clllfa 

Paint Lookout 

SUndana, 
Tensleep 
Toclto 

Ernbar) 

G 
0 
0 
0 
G 
0 
0 
0 
0 
G 
0 

0 
G 
0 
G 
0 
0 
0 
G 
0 

4.800- 7.100 5,500 
4,800- 5.100 4,800 
4,470- 5,480 4,900 
3,400- 8.m 4,900 
5,200- 5,700 5,400 
1.500- 8,100 4,700 

300 
1.800- 8 . M  4.500 
Q36 8.747 1,845 

5.100- 8.500 6.900 
5,300- 8.100 5.700 

70610.500 4.800 
1.8M)- 5,800 3,400 

2,900 
4,900 -8,500 5,500 

* 4,700 
1.100- 6,880 3,100 
600-11,800 4,700 

* 7,900 
1.400- 5,100 4,800 

3-17 
6-1 8 
15-82 
41450 
7-25 
2-22 

24-64 
7-75 
4-44.2 
2-88 

- 

8-100 
3-43 

2-101 

5-100 
10-200 

4-58 

- 

- 

- 

10.5 
13.3 
25 
186 
12.7 
10.0 
4.0 
40 
20 
12.2 
14.8 

64 
18.8 
23.0 
22.9 
7.0 

44 
118 
7 
17.3 

0.1- 70 18.2 
0.7- 25 8.83 
0 -1.795 330 
0 -1,480 13 
0.1- 20 5.03 
0.1- 17 3.57 

80 
0 -1,250 43 
0 -2,150 173 
0.2- 42 11.6 
0.1- 118 10.4 

- 

0 - 128 3.7 
0.1- 7.88 1.12 

0.5 
0.1- 16 1.74 - 2.90 
0 -1,250 100 
0 -2,950 120 - 230 
0 - 31 3.35 

- 

- 7.4-11.8 10.5 - 6.6-14.8 11.3 - 8.9-32.7 18.8 - 1.8-26.4 11.9 - 8.7-13.5 11.2 - 10.0-19.8 14.8 - - 28.2 - B.Q-25.5 17.5 - 2.M2.9 22.3 
4.43 1.4-18.4 7.4 
4.57 3.2-21.8 10.5 

- 2.0-25.0 - 8.6-25.5 

- 5.G21.8 
2.40 - - 15.0-25.0 - 5.0-27.0 

- 12.8-17.8 

- - 

- - 

8.9 
15.7 
11.4 
10.9 
13.3 
19.0 
13.6 
20.2 
14.7 

0.5-23.8 7.5 
20.4-28.8 25.0 
8.646.5 13.8 
8.0-43.5 17.4 
0.3- 5.3 1.8 
0 - 8.8 3.3 
- 8.3 

5.0-26.0 13.1 
7.8-48.5 30.8 
0 -10.1 3.1 
3.6-38.7 12.4 

3 . N O . O  22.5 
0 -21.1 2.8 
- 23.3 

0 - 9.1 2.9 
- 23.8 

8.0-25.0 17.0 
8.040.0 23.3 
- 4.0 

11.928.6 21.3 

8.749.7 38.1 e.4Q 
32.344.8 38.0 3145 

8-42 - -  2243 
14.5-45.1 27.5 1643 
14.5-88.4 42.0 15-84 - 61.0 - 
- - 16-41 

5-47 
9.967.9 34.7 1048 
10.8-60.5 33.6 10-61 

- -  

- -  

- -  
23.8-87.5 46.7 
- 48.1 

11.865.6 36.7 
40 40.9 

7.069 25.7 
- 51 .B 

40.M5 48.3 

- -  

5-30 
2363 

12-55 

20-48 
5-50 

40-55 

- 

- 

- 

37 
35 40 40 
2 0 9 8 - 4 2 3 8  
27 21.840 28 
27 
40 
44 
35 2Q-56 42 
19 28-42 98 
34 
33 40-43 41 

21 1542.3 25.4 
43 55 55 
49 
38 
41 - 39 
35 22-63 38 
19 17-58.5 28.2 
43 
48 -0 36 

Not enough wells to justii range of variations. 
t Data llrnited to Big Horn Basin 



(i) West Texas-Southeastern New Mexico Areas 

Range M AVO. 
R . n g s a  AW. M AVO. wn- con- 

Fluid AW. Pma. pmd A w .  Range AVO. tom mt.1 nate nate AVO. 

R.W. *Plh Prod. depth, nus. nus. P m .  Pmnn. prm. perm. pornally, .nV. ratn., utn.. utn., a n . ,  mn. .BID.. gravity lty 
Prod. RaWmot pmd. *lek- thick- R.npaM AVO. bWot A m  mngeot PO- Moll oll water m r  water Ranpad gNV- 

FDmutlon QrouP' A d  pmd daplh,n R fi R K,md I(. m' I(w.md KBO, md X X 'x % X Z X K %PI .API 

Ellanburner 

H I S M l m P I  

G l ~ ~ l n t a  
(Padflwk)O 

Qnnita m h  

1.2. 4 
5. 8. 8 

3 
8 

3 
2. 3. 4 
5. 8. 7 

2. 3. 4 7  

3. 4. 7 
2 (pem 

A 6  
2 (Pdl 
2, 4, 7 

1. 

2. Y 

2.s. 

2, 3, 4. 5. 
8. 7. w 

All 

All 

All 

3. 4. 8, 7 

0 

0 
0 
0 
0 
0 

G 
0 
G 
0 
0 

0 
G 
0 
B 
0 
G 
0 
C 
0 
c 
0 
c 
0 
G 
0 
0 
0 

6,ooP 6.100 6.000 3 - 22 
10,900-10.500 10.m 10 - 28 
s s a  5,575 5.480 29 - 50 
5,262- 5,860 5.610 4 - 95 
5.- 8.3W 5 . m  2.0- 95 
4.100-10,4W 7,100 4.C-222 

- 5,000 - 
- 2,m - 3.W0-10.WO 5.500 3.0- 57 

1,500- 6.800 4,400 4.0-180 
m0- 8 . 8 ~ )  a m  3.0-254 

7,700- 9,100 8,200 (1.0- 68 
4.700- 5.OW 4 , W  5.2- 99 
3,500- 5,iw 4 . m  3.0- 52 

11,200-11.8W 11,400 14 -117 
11.3OC+12.300 11,W 8 -299 

5.- 9,gW 7,7W 8 -113 
11.000-11.2w 11,100 19 - 34 
7.00&12,800 11,200 6.5-854 
4.1O0-lO.8W 7 . m  11 - 18 
5500-18.600 10,100 3.0%47 
8.m0-12,m 10,900 18 - 51 
9,500-12,500 12,WO 8 - 49 
2.200- 2.8W 2,400 3 - 44 
2.300- B.MW) 4.900 3 -103 
3,000- 8,800 4.7w 4 - 8 
2.800- 3.m 3.wo 2 - 81 

- 9 . m  - 

132 4 - 311 

20.0 1.6- 11 
38 1.6- 3.8 
43 0.1- 5.3 
90.3 0.8-1,1ao 
W.8 0.6- 748 

8.0 - 
18.9 0.1- 477 
95 
41 0.1- 43 
S.3 4.1- 196 

28.2 4.1- 0.3 
18.8 1.1- 89 
14.5 0.6- 84 

- 

54 0.5- as 
99 0.2- 23 
17 
34 2.5- 50 
27 4.1- 2.2 
89 1.C-2,840 
14.3 203 - 248 
55 0.1-2.250 
34 1.2- 26 
32 0.6- 25 
18.3 4.6- 12 
22.3 0.4- 223 
5.1 11 -2.800 

- 

150 - 
5.7 0.9- 5.1 
2.4 - 
1.8 0.2- 4.2 

42 0.3- 249 
173 - 

1.7 - 
38 - 
11 - 
4.6 4.1- u 
5.0 4.1- (09 

0.12 - 
12.9 - 
24.5 - 
10.5 0.1- 1.3 
4.0 0.1- 5.8 
0.4 - 

14.9 0.2- 18 
1.1 <0.1- 0.9 

177 0.3-l.m 
225 1.4- 54 
75 4.1- 386 
8.4 0.3- 1.3 

10.3 0.2- 17 
5.8 - 

11.5 0.2- 128 
477 - 

15.8 6 -3.280 809 - 

- i 3 ~ - i a s  

2.2 4.0-15.7 
- 10.7-14.8 
1.4 3.1-12.5 
- 4.1-18.8 
17 3.0-21.6 

- -  
- 5.5-22.1 
7.8 - 
2.5 4.1-20.6 
3.1 1.8-19.4 

- 7.5-12.7 
- 13.8-21.8 
- 15.2-25.4 
0.5 1.7- 5.3 
0.8 1.3- 8.8 

7.0 5.6-27.7 
0.5 2.2- 7.7 

37 1.e-25.2 
27.7 3.7- 4.8 
229 1.3-13.8 
0.9 28- 3.7 
3.9 1.4-10.7 
9.3 14 -18.2 
8.1 5.z-m.9 

53 12.1-20.4 
30 3.5-28.1 

- -  

15.0 

10.9 
12.7 
7.8 

12.0 
8.9 

15.1 
14.3 
13.5 
9.2 
5.8 

10.3 
17.9 
21.0 
3.3 
4.3 
6.7 

15.2 
5.0 
8.0 
4.2 
3.8 
3.3 
3.3 

15.0 
13.6 
14.4 
17.7 

8.1- 8.8 aa 

9.5-18.1 11.5 
2.1- 9.1 4.9 
9.%19.3 12.8 
8.041.2 11.8 
3.e-39.2 11.8 

- 5.8 
4.e-27.7 13.7 
- 5.7 

7.5-31.4 15.6 
5.6-27.1 18.5 

22 -44 33.7 
2.&10.3 6.0 
3.U-15.6 11.2 
2.1- 6.6 3.7 
3.3-16.7 9.2 
- 5.7 

6.0-22.9 11.0 
3.1- 4.8 4.0 
5.3-24.6 12.9 
OR- 7.6 4.2 

0.2- 3.9 1.7 
5.2-18 10.4 
3.9- 4.4 3.7 
3.1-22.1 15.4 
2.9- 8.7 6.2 
4.8-22.5 14.7 

1.0-192 8.4 

43-54 52 4242 50 40-42 

2141 99 21-99 92 41-45 
34-40 38 31-33 9s 
2 8 6 7  40 2 7 S E  39 39-42 
2%71 99 22-71 38 44-51 

18.9-73 44 16-73 43 30-47 

- 4 6 - 4 4  

- 5 0 -  50 
21-72 43 21-72 41 37-43 

1 W 4  54 18-84 53 2Z-42 
2- 47 21-89 47 2&40 

20-52 34 18-51 9s 
4 5 4 4  sa 30%3 48 
33-65 49 3 1 4  42 
87-68 59 37-88 55 
1s-53 33 1865 99 
- 8 2 -  61 

41-78 51 41-11 51 
45-68 57 45-89 57 
22-85 46 22-85 48 
47-87 57 47-87 57 
40-84 61 -1 80 
92-47 40 s2-47 40 
2 w 4  42 24-64 38 
39-00 51 37-80 50 
24-72 48 24-71 47 
3 9 4 4  55 39-86 55 
42-71 54 85b8 49 

3 7 4 0  

35-42 

4 8 6 2  

354a 

3 w  

37-52 

4 7 6 0  

2 5 4 0  

4 0 4 5  

14 & 
43 

40 
48 
42 

40 

28 

92 

39 

40 

49 

42 

42 

47 

46 

99 

42 



1 8 0  
0 

2 4.5.6.7 0 
0 

3 1. 2. 3 0 
- 2. a. 4 o 

- All 0 
0 

1 8 0  
2 5.6 0 
3 1. 2. a o 

4.7 
- 1. 2. 5, 8 0 

1. 4.7 0 - All G 
0 

- 2, 3. 4m 7 Q 
0 - OmMan 0 

1. 2, 5. 8 0 
1 2 0  
2 4, 5, 6. r o 
3 3 h W  Q 

0 
i s 0  
- 1. 2.5. 8 0 

0 

- 

3.600- 4.200 
2.400- 4.500 

4 . m  
3.000- 4.800 
1,900- 3.900 
4.100-11.400 

3 . ~ 0 -  a.zw 
Bw- 4,800 

3,800- 4,700 
4,100- 5.900 
1,5M)- 5,100 

3.1100- 4.100 
800- 4.0W 

4,- 8.500 

5200- 8;MO 
a,Bo0-io,sw 
1,100-11.300 

915- 7.566 
a.100- 7.800 

8,40& 9,200 

- 

- 
2,500- 4,100 
2,400- 4.100 
9,aw-1(smlo 
i.400- 8,500 
1,400- 4.000 

3.800 
4,100 
4.400 
4,400 
2,700 
9.100 

3.100 
3,500 
4.500 
4.500 
3,300 

3.800 
2,800 
7,100 
5.600 
5.800 

5,200 
3.888 
6 . W  
9.800 
8,800 
3.m 
3.500 
97M 
2.600 
2.m 

rmo 

3.0- 5.0 
3.0-123 

12 - 2 6  
6 -269 
4.5-182 
1.7- 77 

4.c- 29 
1.5- 38 
6 - 39 

3.0-197 

3.0- 8.0 

2.0- 59 
11 - 57 
2.0-101 

2.0- 16 
6 - 21 

15 -43 

13 -129 
4.0-119 
2.0-114 
4.ww 

4.7-124 

4 . ~ a 6  

3.0- sg 

- 

a0- sa 
3.0- 88 

4.2 
27.4 
20.8 
45 
50 

22.a 

8.9 
10.2 
18.6 
40.1 
30.2 

5.6 
18.5 
21.7 
34.4 
38.7 
18.8 
15.1 
14 
33.5 
10.6 
41.7 
22.6 
28.0 
59 
10.8 
18.6 

1.8- 9.3 
0.5- 159 
0.8- 3.7 
0.2- 118 
0.3-1,m 
0.3- 482 

10 - 318 
0.2-4,190 
0.3- 461 
0.8- 295 
0.2- 593 

0.8- 23 
0.4- 428 
0.2- 71 
4.5- 310 
1.9- 188 
0.3- 42 

1.0- 4 w  
0.2- 155 

2.9-8.410 

1.0-1.270 
0.2- 147 
0.2- 145 

o . ~  718 

- 

o.i-i.a8o 

1.M.000 

8.5 - 
13.7 0.2- 48 
2.5 0.3- 2.1 
5.5 0.1- 110 

34.9 0.1- 188 

84 - 
123 - 
81 0.1- 482 
8.9 0.1- 208 

37.7 0.1- 228 

8.7 0.2- 510 

12.2 - 
51.4 - 
6.3 - 

179 27 - 189 
43 0.0- 148 
11.4 0.1- 0.4 
47 0.1- la8 
45 - 
27.6 0.1- 1.1 

419 1.5-0.210 
2.3 - 

n -  
eo - 
19.3 - 
20.4 0.z- a6 

42.7 - 

- 11.1-14.3 
5.2 r.o-2o.o 

2.7 2.7-18.2 
14.3 5.3-24.5 

1.3 8.3- 8.8 

14.7 2.7-13.9 

- 10.7-22.2 
1.0 5.7-27.0 

a.a 3.1-12.8 
8.4 8.3-25.1 

53 3.2-14.0 

0.3 15.5-18.8 
8.0 5.8-28.9 
4.0 10.1-23.3 

108 10.9-14.8 
19.1 31-12.8 
02 2.1-14.2 

11 .r 1 . w . 3  - 8.o-z 
0.5 2 . 5  7.1 
0.4 - 

274 4.9-18.5 
3.4 7.2-24.5 
4.3 5.cza.a 
5.4 2.512.8 - 12.1-27.4 

27.8 2.czr.o 

12.4 
11.3 
6.4 
7.9 

11.9 
7.7 

18.6 
172 
8.5 
7.1 

15.5 

18.0 
16.5 
15.8 
12.9 
7.2 
6.9 

12.6 
16.2 
4.9 
4,s 
9.9 

15.3 
15.5 
8.1 

17.9 
18.8 

7.1-42 
6.2-37.9 
2.4- 7.1 
4.8-22.1 
8.3-34 
4.7-18.8 

2.8- 7.8 
4.2-34.7 
8.943.9 
4.e-m.8 
3.5-24.2 

3.4- 0.5 

4.2-41.7 
7.0-24.5 

4.9-26.3 
5.5- 8.3 

1.7- 6.2 
z.r-2r.g 
5.0-27 
8.szs.a - 
8.8-18.8 
0.5-18.1 
1.EZS.8 
5.s23.8 
i.3-17.0 
3.7-37.3 

18.8 
17.6 
4.7 

13.8 
18.2 
9.7 

7.4 
15.6 
18.7 
14.7 
13.2 

6.4 
16.2 
15.3 
5.9 

11.2 
3.0 

12.2 
14.1 
12.9 
19.8 
9.7 
4.8 

14.3 
14.4 
5.8 

18.0 

22-53 38 

S E 4 0  60 
32-04 55 

2&58 42 

88-82 48 
32-68 48 

2e-88 52 

2e-m ae 

31-re 58 

21-48 a6 

3e-n 58 

51-66 56 
38-70 54 
92-88 45 
3 8 9 8  3s 
15-88 44 
4 8 6 0  52 
23-TI 43 
25-00 48 
37-64 54 

25 

30-04 48 
32-85 46 
28663s 
45-79 50 
31-75 53 

- 
a2-w 44 

22-52 38 
25-55 35 
55-88 Bo 
32-64 55 
31-78 sa 
28-50 41 

5 6 6 8  45 
9 0 - 8 8 4 5  
19-49 96 
25-69 51 
97-74 56 

4 6 4 5  54 
a 6 4 1  50 
90-67 43 
38-38 38 
15-86 43 
48-80 52 
23-77 41 

41 

- 2 5  

28-64 45 
29-84 44 
2 8 4 6  59 
88-78 53 

8’1-84 5* 

ai- u 

31-75 47 

31-41 

2 3 4  

sa47 
2B-95 

9M2 
34-30 
8037 
z w r  

2e4a 
as42 

a s 4 7  

2 9 4 8  

38 
42 

38-45 

40-50 
4- 

27-41 

a8 

32 

31 
41 

33 

33 
a2 

37 

a2 
39 

41 

42 

a8 
42 
40 

48 
42 

crl a2 

a More than one group Indicates distinct differences in formation as found in different areas. 
Area numbers refer to map of Figure 24-1. 

Midland and Ector counties only. 

P, 

P 
W 

g. Plus Ward, Pecos. and Southwestern Lea County. 

e Crane, Ward, Winkler, and P e w  counties only. 

6 Except counties In 4 and 5 above. 

P, 

3 

Q Names in parentheses are those commonly used in New Mexico, Area 8. 
Archer, Bayler, Clay, Jack, Montague, Wichita, Wise, and Young counties. g. 
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( k t  continuedfmm page 93) 

Special Core Analysls Tests. Special core analysis testing is done when 
specifically required. Visual inspection and some petrographic studies are 
frequently done. For sandstones and conglomerates, particle size is often 
obtained by disaggregating and sieving reservoir rock material. Fractions of the 
various sizes of grains are determined and described according to the nomen- 
clature in Table 5-24. Larger grain size is associated with higher permeability, 
and very small grain sizes include silt and clay fractions that are associated with 
lower permeabilities. 

Table 5-24 
Partlcle Slze Definltlons 

U.S. standard 
Material Particle size, pm sieve mesh no. 

Coarse sand >500 c35 
Medium sand 250-500 35-60 
Fine sand 125-250 60-1 20 
Very fine sand 62.5-125 120-230 
Coarse silt 31-62.5 - 
Medium silt 15.6-31 - 
Fine silt 7.8-1 5.6 - 
Very fine silt 3.9-7.8 - 
Clay c2 - 

Drill Stem Tests 

A drill stem test (DST) is some form of temporary completion of a well that 
is designed to determine the productivity and fluid properties prior to com- 
pletion of the well. Although a DST can be performed in uncased hole (open 
hole) or in cased hole (perforation tests), the open hole test is more common. 
The tool assembly which consists of a packer, a test valve, and an equalizing 
valve, is lowered on the drill pipe to a position opposite the formation to be 
tested. The packer expands against the hole to segregate the mud-filled annular 
section from the interval of interest, and the test valve allows formation fluids 
to enter the drill pipe during the test. The equalizing valve allows pressure 
equalization after the test so the packer can be retrieved. Details of the DST 
and DST assemblies are described elsewhere [13,19,66] and will only be sum- 
marized here. By closing the test valve, a build up in pressure is obtained; by 
opening the test valve, a decline in pressure is obtained. (Pressure buildup and 
falloff analyses are discussed subsequently in this section of the chapter.) During 
the DST, both pressures and flow rates are measured as a function of time. 

Interpretation of DST results is often regarded as an art rather than a science. 
Certainly, a DST can provide a valuable indication of commercial productivity 
from a well, provided engineering judgment and experience are properly utilized. 
Interpretations of various pressure charts are shown in Figure 5-62 [13,196] and 
5-63 [180]; details of interpreting DST data are described in the literature 
[66,197]. 

(text continued on page 116) 
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- Critical Flow --- Non-Critical Flow 

Time - l ime - 
PRESSURES:A = INmAL MUD EVENTS: a = 1stTHRIBBLE IN b = LASTTHRIBBLE IN 

d =PACKER SET 

h = EQUALIZING VALVE OPENED 

B = PACKER SQUEEE 
C = AVE. FLOWING e =TOOL OPENED f =TOOL CLOSED 
D =SHUT IN 

c = ON BmOM 

g = BUILD UP COMPLETE 
i = PACER UNSEATED 
k = MTHRIBBLE OUr 
1 =TIME RUNNING IN 
3 =SHUT IN PERIOD 

E = NN4L MUD 
0-C = DRAWOWN 

j = 1st THRIBBLE OUT 

2 = FLOW PERIOD 
4 =TIME PULLING OUT 

(rOP GAUGE NOT BIANED OFF; BOllOM GAUGE BLANKED OFF) 

LEGEND: -Top Chart (or Bottom Charts) --- Bttom Chart 
(Critical Flow) 

Flgure 5-62. 
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NO PERMEABILITY 

HIGH PERMEABILITY ON 
3/16 BOllOM CHOKE 

(CRITICAL FLOW) 

VERY LOW PERMEABILITY 

HIGH PERMEABIW ON 
1/4" BOTKIM CHOKE 

(CRKICAL FLOW) 

n C D E  

GAS TEST-UNLOADED WATER CUSHION 

a - WATER WSHlON RISING TO SURFACE 
b -WATER CUSHION BEING PRODUCED 
c - FLOWING DRY GAS 
d -TOOL SHUT IN 

SAND FACE POSSIBLY PLUGGED 

HIGH PERMEABlUTYWlTH 
NO BOTTOM CHOKE 

WON-CRITICAL FLOW) 

EXCESSIVE FLUID HEAD INSIDE PIPE 
FLOWlNG PRESSURE U P S T W M  OF CHOKE 
M I N E D  CONSTANT UNllL THE BACK 
PRESSURE DUE TO LIQUID ACCUMULATION 
INSIDE PIPE BECAME EXCESSIVE, RESULTING 
IN A DIMINISHING FLOW RATE. 



fluid loss before packer Is 
set. Pressure declines during 
delays while going in hole. 
fluid level in annulus drops. 
fluld either fiows Into formation 
or Mo drillpipe. Tha DST may be 
normal In all respec&. 

Leak in drillpipe. Note the high 
lnltlal pressure when tool was Rrrt 
opened. Recovered considerable 
mud and reduced amount of msemir 
RUMS becaw of mud cauwd back 
pressurn. 

Effect of small water cushion. 
W a r  cushbn raised the initial 
pressure at start of Row. Recov- 
ery includes water cushion and 
resetvoir fluids with amount de- 
pendent upon cushions, character- 
istic of formation and fluids, 
surface operations, etc. 

P w Effect of rough seas. M y  high 
seas on a rroatikg vessel causes 
stylus to vibrate h m  action of 
krmper bars. Movement of the boat 
may even release and reset packers. 
The DST may be normal in all respects 
other than the jagged charts. 

c. 
8 
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Il 

Figure 5-63. 
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Fkw by heads, swpbbing. etc. 
Them em many variations caused 
by avebblng. fkw by heeds, choke 
Plugghg. etc. Recovery hCludeS 
reservoir fluids. Swabbing may- 
cause a pmssure decline If Huid 
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up 1s obtained. Recovery includea 
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tight llquld Wiled formath, 
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TWI failed IO open. NO fluid 
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In the reservoir. 
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mqulred to equalii pressure. 

Packer failed. reset, and held. 
Remvered some mud and reservoir 
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Clock dld not run. Recovered 
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amount. 

Uniform s i i i  in clock 
mechanism. Tlm scale is In 
error. Recovered reservolr 
Nuids In normal amount& 

Run away dock. Clock spring 
released when tool WBS opened. 
Reuwery Included formation 
fluids in normal amounts. 

Clock stoppad on opening tool 
and started agah when tool 
was shut in. Recovered resenroir 
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bottom and started when started 
mmhlg out of hole. Recovered 
reservoir flulds In normal 
quantities. 
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8 
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0 

Figure 5-63. Continued. 



Resolution of gas In ddllpip 
when well is shut-h at surface. 
Tealisprobeblynormal maw 
respects. 
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m u n t  of mud may be recovered 
with vary lh fomlaHGll fluid. m 
Effect of skh. Reewered forma- 
Uon fluids. The amount recwerad, 
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of flu&, volumes affected, 
and degree of damagn from solid and 
filtrate invasion, perforations, partial 
penetration of the formation. etc. A 
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and vary large pressure differentials 

Gradual plugging of fbw stream 
bakw gauge. h s u r e  declines 
88 flow rate decmases to a value 
equal to weight of fluids above 
gsuge.Recovemdalittlemudand 
small amount of mseryolr fluids. Can result from skins. 

Figure 5-63. Continued. 

Water produced and well died. 
Weigh of water and a little 
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Recovered very littla mud 
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Flow on choke from highly 
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depend upon transmissibility. 
formation pressure. pressure 
differentials. choke size and 
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the formath  nuids. and the 
flow system. Build-up during flow 
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Figure 5-63. Continued. 
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lko tests with the same gauge. Second build-up extrapolated pressure 
ia lower than that of first buildup. Depletion of a small reservoir 
might be suggeslell. 

TWO tests wlth the sama gauge. chamter of the c m s  tm the A n d  
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Ruid column. 
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leristks while f i t  gauge p l u m  while going into the well and dd 
not unphig until inspecled at surface. 

Figure 5-63. Continued. 
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(rat c o n t i n d  from page 108) 

Introduction 

This section deals with the part of formation evaluation known, as well 
logging. Well logs are a record versus depth of some physical parameter of the 
formation. Parameters such as electrical resistance, naturally occurring radio- 
activity, or hydrogen content may be measured so that important producing 
characteristics such as porosity, water saturation, pay thickness, and lithology 
may be determined. Logging instruments (called sondes) are lowered down the 
borehole on armored electrical cable (called a wireline). Readings are taken while 
the tool is being raised up the hole. The information is transmitted uphole via 
the cable where it is processed by an on-board computer and recorded on 
magnetic tape and photographic film. In older logging units, downhole signals 
are processed by analog circuits before being recorded. 

Well logging can be divided into two areas: open hole and cased hole. Open 
hole logging is done after drilling, before casing is set. The purpose of open 
hole logging is to evaluate all strata penetrated for the presence of oil and gas. 
Open hole logs give more reliable information on producing characteristics than 
cased hole logs. Cased hole logs provide information about cement job quality, 
casing corrosion, fluid flow characteristics, and reservoir performance. In areas 
where the geologic and producing characteristics of a reservoir are well known, 
as in development wells, cased hole logs are used for correlation. In recent years, 
many new open- and cased-hole logs and services have become available, 
including fluid samplers, sidewall cores, fracture height log, and seismic services. 
These products, in conjunction with new computer processing techniques, 
provide the engineer and geologist with an enormous amount of data for any well. 

Parameters that Can Be Calculated or Estimated from Logs 

Por~slty. Porosity is defined as the ratio of volume of pores to the total volume 
of the rock. It occurs as primary (depositional) or secondary (diagenetic or 
solution) porosity. Primary and secondary porosity can be read directly from 
neutron, density, and sonic logs. These tools do not measure pore volume 
directly, rather they measure physical parameters of the formation and relate 
them to porosity mathematically or empirically. Since the sonic tool only records 
primary (or matrix) porosity, it can be combined with total porosity tools, such 
as density or a combined neutron and density, to determine secondary porosity: 

(5-83) 

where Qseeondary = porosity due to vugs and fractures 
= total porosity as determined from cores, density log, neutron- 

density crossplot, or local knowledge 
Qsonic = porosity determined from sonic log. 

No distinction between effective and total porosity can be made with present 
logging methods. 

Water Saturation. Connate water saturation (Sw) and flushed zone water 
saturation (Sxo) can be calculated from information supplied by well logs. 
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Connate water saturation is the fraction of pore volume in an undisturbed 
formation filled with connate water. 

volume of water 
volume of pores 

s, = (5-84) 

Flushed zone saturation (Sxo) is the fraction of the pore volume filled with 
flushing agent (normally drilling fluid). 

volume of flushing agent 
volume of pores s x o  = (5-85) 

Prior to penetration by a drill bit, only two fluids are assumed to be present in 
the formation-water and hydrocarbons. Therefore, all pore space that is not 
occupied by water is occupied by hydrocarbons. With this assumption hydro- 
carbon saturation can be calculated 

s, = 1 - sw (5-86) 

where S ,  = hydrocarbon saturation. 

Pay Thickness. The thickness of a hydrocarbon-bearing formation (hp,) is easily 
determined from well logs once 4, and Sw cutoffs are established. The Sw cutoff 
is the maximum value for Sw for a given rock type. The 4, cutoff is the minimum 
value for 4, below which hydrocarbons cannot be produced. For example: 

Depth $ sw Comment 

3,668-3,670 1% 53% $ too low 
3,666-3,668 2% 50% $ too low 
3,664-3,666 6% 38% possible hydrocarbons 
3,662-3,664 6% 36% possible hydrocarbons 
3,660-3,662 8% 31% possible hydrocarbons 
3,658-3,660 7% 74% too wet 

too wet 3,656-3,658 8% 100% 

In this case, the water saturation cutoff is a maximum of 60% and the porosity 
cutoff is a minimum of 31, so this well will have 6 feet of pay (hpy = 6 ft). 
Other factors that may reduce hpay include shaliness, shale streaks, low perme- 
ability, and low reservoir pressure. Porosity and water saturation cutoffs are 
usually established for specific regions or reservoirs based on detailed pro- 
duction and geologic information. 

Lithology. It is often necessary to know the rock type in order to properly design 
downhole assemblies, casing programs, and completion techniques. Data from 
well logs can provide the geologist or engineer with an estimate of the lithologic 
makeup of any formation. The accuracy of this estimate is a function of the 
complexity of the formation (mineralogic makeup and fluid types) and the kinds 
of tools used to investigate the rocks. More tools are needed to accurately 
determine compositions of complex formations. Simple lithologies (three or less 
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minerals, or gas) can be determined with combined neutron, density, and sonic 
logs. This technique will be discussed later. More complex lithologies can be 
determined with the aid of special logging tools and computers. 

Since well logs infer lithology from physical and chemical parameters, certain 
rocks will look the same on logs though they differ in their geologic classifica- 
tion. Sandstone, quartz, and chert are all SiO, and appear the same on porosity 
logs. The same is true of limestone and chalk. Dolomite, anhydrite, and salt 
have very distinct characteristics and are easily distinguished from other rock 
types. Shales arc composed of clay minerals. The type and amount of different 
clay minerals, which vary widely between shales, can affect their bulk properties. 

Permeablllty. Permeability is one of the essential properties used in evaluation 
of a potentially producing formation. Unfortunately there are no logging devices 
that read permeability. This is because permeability is a dynamic property. Most 
logging tools spend only a few seconds in front of any one point of a formation, 
therefore it is impossible to measure any time-dependent parameter. There are 
methods to estimate permeability from well logs, but they are based on general 
assumptions. From a practical standpoint, log parameters only provide an “order 
of magnitude” approximation. Several methods of inferring permeability with 
well logs arc discussed where applicable in each section. 

Two relationships between porosity and irreducible water saturation (SJ are 
used to estimate permeability: 

1. The Timur relationship [198] (Figure 5-64) for granular rocks (sandstones 
and oolitic limestones), which generally gives a more conservative estimate 
of permeability. 

2. The Wyllie and Rose relationship [43] modified by Schlumberger [199] 
(Figure 5-65), which generally gives a higher estimate of permeability. 

To enter these charts, porosity and irreducible water saturation (S,) must be 
known. Porosity can be obtained from cores or any porosity device (sonic, 
neutron, or density). Irreducible water saturation must be found from capillary 
pressure curves or it can be estimated. The permeabilities from these charts 
should be considered “order of magnitude” estimates. 

Influences on Logs 

The purpose of well logging is to determine what fluids are in the formation 
and in what quantity. Unfortunately the drilling process alters the fluid satura- 
tions by flushing the pores near the borehole and filling them with the fluid 
fraction of the drilling mud (mud filtrate). To correct for these influences, the 
invasion profile must be identified. Figure 5-66, an idealized cross-sectional view 
of the borehole and formations, shows an invasion profile and the appropriate 
symbols for each part of that profile [199]. 

Mud Relationships. Since the borehole is filled with mud and the adjacent 
portion of the formation is invaded with mud filtrate, mud properties must be 
accurately known so they can be taken into account. Mud has a minor influence 
on most porosity tools; however, it can have a large effect on the resistivity tools. 
In general: 

(5-87) 
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Figure 5-64. Timur chart for estimating permeability 11981. 

This is because the mudcake is mostly clay particles and has very little water 
associated with it. The clay particles in the mudcake tend to align themselves 
parallel to the borehole wall, developing a high horizontal resistivity, R,, (Figure 
5-67). Since the mud filtrate is composed only of fluid and has no solids, it 
will have a lower resistivity. If the resistivity of the mud (R,) is known, Rmc and 
Rd can be estimated with the following equations: 

Rmf = Km(Rm)'." (5-88) 
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m, Porosity (pu) 

Figure 5-65. Schlumberger chart (after Wyllie and Rose) for estimating 
permeability [199]. 

R, = O.69(Rmf) - I (5-89) 

where Km = 0.847 for 10 lb/gal 
0.708 11 lb/gal 
0.584 12 lb/gal 
0.488 13 lb/gal 
0.412 14 lb/gal 
0.380 16 lb/gal 
0.350 18 lb/gal 

These relationships work well for most muds (except lignosulfonate) with 

Another approximation that works well for salt muds is: 
resistivities between 0.1 a -m and 10 a-m. 

Rm, = 0.75Rm 

Rmf = 1.5Rm 

(5-90) 

(5-91) 

Temperature Relationships. Mud resistivity is a function of temperature and 
ion concentration. Since temperature increases with depth due to geothermal 
gradient, the mud resistivity is lower at the bottom of the hole than at the 
surface (pits). The temperature of a formation can be found with an equation 
suggested by Hilchie [200]: 
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0 - Resistivity of the zone 

0 - Resistivity of the water in the zone 

-Water saturation in the zone 

Adjacent Bed 

w w  0 Schlumberger 

I Hole I 
Diameter 

Figure 5-66. Diagram of the borehole environment showing the various 
zones and their parameters [199]. 

D T, = (TTD - Ts)---f + T, 
D T D  

(5-92) 

where T, = formation temperature ( O F )  

T,, = temperature at total depth (BHT)("F) 
Ts = average surface temperature ( O F )  

D, = formation depth (ft) 
D,, = total depth (ft) 
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PERMEABLE FORMATION 

SHALE 
hmc Qb 

BOREHOLE 

PERMEABLE FORMATION 

MUDCAKE 

S H A L E  

Dominant Orientotion 
of Clay Particles 

RV 

Dominant Orientotion 
of Clay Particles '4 S H A L E  

Figure 5-67. Resistivity components on mud cake that develop opposite a 
permeable formation. 

Average surface temperatures in various oilfield areas are: 

Alberta 40°F 
California 65°F 
Colorado-Northern New Mexico 55°F 
Gulf Coast 80°F 
Oklahoma 65°F 
Permian Basin 65°F 
Wyoming 45°F 

Figure 5-68 solves this equation graphically [ 1991. 
Fluid resistivity at any formation depth can be found using the Arps Equation 

if the resistivity at any temperature and formation temperature are known [199]: 

T, +6.77 R, = R, 
T, + 6.77 (5-93) 

where & = fluid- resistivity at formation temperature, a m  
R, = fluid resistivity at some temperature, a-m 
T, = formation temperature, "F 
T, = temperature R, was measured at, O F  

A nomograph that solves this equation graphically is presented in Figure 5-69 
[199]. 

Openhole Logs and lnterpretatlon 

SP (Spontaneous Potential). The SP log has 4 basic uses: (1) recognition of 
permeable zones, (2) correlation of beds, (3) determination of Rw, and (4) 
qualitative indication of shaliness. The SP can only be used in fresh mud and 
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Temperature Gradient Conversions: loF/10O ft = 1.823'C/100 rn 
loC/l0O rn = 0.5486°F/100 ft 

Annual Mean 
S @ c e  Temperature Temperature, "C 

EXAMPLE Bottom hole temperature, BHT, is 200°F at 11,000 R (Point A). 
Temperature at 8,000 ft is 167°F (Point 8). 

Figure 5-68. Chart for estimating formation temperature [199]. 

is run with several resistivity tools. The curve is presented in Track 1 and is 
scaled in millivolts (mV). 

The SP log is a record of the naturally occurring electrical currents created 
in the borehole. These currents or circuits usually occur at bed boundaries and 
are created by the interaction between fresh drilling mud and salty formation 
water. The curve represents the potential difference between a stationary 
electrode on the surface (ground) and a moving electrode in the borehole. 

Theory. The total potential (E,) can be separated into two components: the 
electrochemical ( Ec) and the electrokinetic (4). The electrokinetic component 
is generally very small and is often ignored. It is created when an electrolyte (mud 
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Figure 5-69. Chart for determining salinity, solution resistivity and for 
converting resistivity to formation temperature [ 1991. 

filtrate) flows through a nonmetallic permeable material. The magnitude of is a 
function of the pressure drop across the material and the resistivity of the electro- 
lyte. The electrokinetic (or streaming) potential is most significant in low pressure 
(depleted) formations, overbalanced mud conditions and opposite low perme- 
ability formations. See Doll's classic paper [201] for more detailed information. 

The electrochemical component (Ec) is the sum of the liquidjunction potential 
(Elj) and the membrane potential (E,). The liquid junction potential occurs at 
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the interface between fresh mud filtrate and salty formation water. This interface 
is usually a few inches to a few feet away from the borehole. Only two ions are 
assumed to be in solution in the mud and formation water: Na' and C1-. Chloride 
ions are concentrated in the formation water, and being more mobile than Na+ 
ions, move toward lower concentrations in the borehole (Figure 5-70). This 
creates a net negative charge near the borehole and a current flows toward the 
undisturbed formation. The liquidjunction potential accounts for about 20% of 
the electrochemical component. 

The membrane (E,) potential is created at the bed boundary between a 
permeable bed (sand) and an impermeable bed (shale). The shale acts as an 
ion-selective membrane, allowing only the smaller Na' ion to move through the 
clay crystal structure from the salty formation water toward the fresh drilling 
fluid in the bore. This creates a net positive charge along the shale. It also 
creates a large concentration of negative charges associated with the C1- ion in 
the permeable bed. This phenomena is also shown in Figure 5-70. The mem- 
brane potential accounts for about 80% of the electrochemical potential. The 
total effect of these two potentials is a net negative charge within the permeable 
zone when the connate water is saltier than the mud filtrate. 

lntepretation. The total electrochemical component of the total potential is what 
the SP records. It can be calculated with the following equation: 

(5-94) 

FRESH MUD 
(Few No' B CI- Ionsf 

ALTY FORMATION WATER 63 
MUD CAKE-* 

BOREHOLE 
PERMEABLE FORMATION 

Figure 5-70. Ionic movement that contributes to the development of an 
SP curve. 
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where -K = -(0.133T + 61)(T in OF) 
a, = chemical activity of formation water 

a, = chemical activity of drilling mud filtrate 

Since the chemical activity of a solution cannot be used, it must be converted 
to its equivalent electrical resistivity. Chemical activity of a fluid is approximately 
equal to the inverse of its equivalent electrical resistivity. Conversion to equivalent 
resistivities makes the equation: 

E, = - K l o g h  
R,, 

(5-95) 

Since Ec is equal to the maximum SP deflection recorded on a log (SSP), 
Equation 5-95 can be rewritten to read 

(5-96) 

where SSP is the static (or maximum) spontaneous potential recorded opposite 
a permeable formation. Since the purpose of an SP log is to find Rwq and then 
Rw, if we know SSP we can solve Equation 5-96 for Rwq: 

(5-97) 

Once R,, is known, it is converted to R, using the chart shown in Figure 5-71 
[199]. SSP can come directly from the log if the bed is thick and the SP curve 
reaches a ‘constant value and develops a “flat top.” If the curve is pointed or 
rounded, it must be corrected for bed thickness. 

The shape and amplitude of the SP are affected by: 

1. Thickness and resistivity of the permeable bed (RJ. 
2. Diameter of invasion and resistivity of flushed zone (RJ 
3. Resistivity of the adjacent shales (R,). 
4. Resistivity of the mud (R,). 
5. Borehole diameter (4) 

All of these must be accounted for when examining the SP, and any necessary 
corrections should be made. To find the magnitude of the SP, take the maximum 
deflection from the average shale value (shale baseline) to the most negative 
value. (Figure 5-72 shows a curve that needs correction and one that does not.) 
Bed thickness corrections can be made from Figure 5 73 and should always 
increase the magnitude of the SP. 

Another use for the SP log is finding permeable zones. Any negative deflec- 
tion of the curve indicates a potentially permeable zone. The magnitude of the 
deflection has no relation to the amount of permeability (in millidarcies); it 
merely indicates that the rock has ionic permeability. No quantitative information 
on this parameter can be derived from the SP. Figure 574 shows an example 
of permeable and impermeable zones on an SP log. 
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500°F 
400°F 

300°F 
200°F 
150°F 
100°F 
75°F 

Figure 5-71. Chart for converting R,, to Rmfeq and Rwaq to R, for SP-R, 
calculations [199]. 

Interpretation of an SP log follows a few basic rules: 

1. If the SP curve is concave to the shale line, the formation is permeable. 
2. If the SP curve is convex to the shale line, the formation is impermeable. 
3. Constant slope means high resistivity-usually impermeable. 
4. High resistivity formations cause the bed boundaries to become rounded. 
5. A thin permeable bed does not reach maximum deflection. 
6. A thin shale streak does not reach the shale baseline. 
7. Bed boundaries are picked at the inflection points in clean sands. Bed 

boundaries should be confirmed with some other log such as the gamma ray.' 

Resistivity Tools. The purpose of resistivity tools is to determine the electrical 
resistance of the formation (rock and fluid). Since most formation waters contain 
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Figure 5-72. Example of an SP curve that requires correction and one that 
does not. 

dissolved salts, they generally have low resistivities. Hydrocarbons do not conduct 
electricity, therefore rocks that contain oil and/or gas show high resistivity. This 
is the way hydrocarbon-bearing zones are differentiated from water zones. 

Resistivity tools are divided into three types based on the way measurements 
are made: (1) non-focused (normal) tools, (2) induction tools, and (3) focused 
resistivity tools. Microresistivity tools will be treated under a separate heading. 
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SP CORRECTION FACTOR 

Figure 5-73. SP bed thickness correction chart for the SP [200,201]. 

Resistivity tools are further divided by depth of investigation. Tools may read 
the flushed zone (RJ, the transition zone between the flushed and uninvaded 
zones (R), or the uninvaded zone (RJ. For purposes of this discussion, all tool 
names are for Schlumberger equipment. Comparable tools offered by other 
logging companies are summarized in Table 5-25. 
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Figure 5-74. Examples of an SP log through an impermeable and a 
permeable zone. 

Theory Nonfocused (Normal Tools.) The first tools to be used were nonfocused 
tools [58]. The electrode arrangement is as Shown in Figure 5-75a [58]. As shown 
earlier, resistivity, R, is found using Ohm’s Law (r = V/I): 

rA R = -  
L 

where V = voltage read from meter 
I = current read from meter 

A = surface area, m2 
L = length, m 
R = resistivity, ohm-m 
r = resistance, ohms 

(544) 

(text continued on page 134) 
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Table 5-25 
Service Company Nomenclature 

~~ ~~ ~~ ~ ~ 

Schlumberger Gearhart Dresser Atlas Welex 

Electrical log (ES) 
Induction electric 

log 
Induction spheri- 

cally focused log 
Dual induction 

spherically 
focused log 

Laterolog-3 
Dual laterolog 
Microlog 
Microlaterolog 
Proximity log 
Microspherically 

focused log 
Borehole compen- 

sated sonic log 
Long spaced sonic 

log 
Cement bond 

log 
variable density 

Gamma ray 
neutron 

Sidewall neutron 
porosity log 

Compensated 
neutron log 

Thermal neutron 
decay time log 

Dual spacing TDT 

Formation density 

Litho-density log 
High resolution 

dipmeter 
Formation interval 

tester 
Repeat formation 

tester 
Sidewall sampler 
Electromagnetic 

propagation log 
Borehole geometry 

tool 
Ultra long spacing 

electric log 

log 

Electric log 
Induction electrical 

log 

Electrolog 
Induction electrolog 

Electric log 
Induction electric 

log 

Dual induction- 
laterolog 

Laterolog-3 
Dual laterolog 
Micro-electrical log 
Microlaterolog 

Borehole compen- 
sated sonic 

Sonic cement bond 
system 

Gamma ray 
neutron 

Sidewall neutron 
porosity log 

Compensated 
neutron log 

Compensated 
density log 

Four-electrode 
dipmeter 

Selective formation 

Sidewall core gun 
tester 

X-Y caliper 

Dual induction 
focused log 

Focused log 
Dual laterolog 
Minilog 
Microlaterolog 
Proximity log 

Borehole compen- 
sated acoustilog 

Long spacing BHC 
acoustilog 

Acoustic cement 
bond log 

Gamma ray 
neutron 

Sidewall epithermal 
neutron log 

Compensated 
neutron log 

Neutron lifetime log 

Dual detector 
neutron 

Compensated 
densilog 

Diplog 

Formation tester 

Formation multi 
tester 

Corgun 

Caliper log 

Dual induction log 

Guard log 
Dual guard log 
Contact log 
F,R,log 

Acoustic velocity 
log 

Microseismogram 

Gamma ray 
neutron 

Sidewall neutron 

Dual spaced 
neutron 

Thermal multigate 
decay 

log 

Density log 

Diplog 

Formation tester 

Multiset tester 

Sidewall coring 

Caliper 
Compensated 
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Table 5-25 
(contlnued) 

Schlumberger Gearhart Dresser Atlas Welex 

Natural gamma ray Spectralog Spectral natural 
spectrometry gamma 

Gamma ray Carbonloxygen log 
spectroscopy 
tool log 

Well seismic tool 
Fracture identifica- Fracture detection 

tion log log 
From Reference 215. 

Meter 

Figure 5-75. (a) Basic electrode arrangement of a normal device used in 
conventional electric logs. (b) Electrode arrangement for a basic, two coil 
induction log system. (c) Electrode arrangement and current flow paths for a 
dual laterolog sonde [58]. 
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(c) 

Figure 5-75. Continued. 
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(text continued from page 130) 

The tools work well in low-resistivity formations with thick beds and in slightly 
conductive muds. 

lnduction Tools. Since a slightly conductive mud is necessary for the normal 
tools, they cannot be used in very fresh muds or in oil-base muds. The induction 
tool overcomes these problems by inducing a current into the formation instead 
of passing it through the mud-filled borehole. Figure 5-7513 shows a simplified 
two-coil induction tool [58]. High-frequency alternating current is sent into the 
transmitter coil. The alternating magnetic field that is created induces secondary 
currents in the formation. These currents flow through a conductive formation 
in circular paths called ground loops. These currents in turn create a magnetic 
field which induces currents in the receiver coil. The signal received is pro- 
portional to the formation conductivity. Conductivity readings are then con- 
verted to resistivity. Additional coils are used to focus the tool so that conductive 
beds as thin as four feet can be detected. Induction tools work well in oil-base, 
foam, air, gas, and fresh mud. The induction tool is unreliable above 500 a-m 
and useless above 1,000 a m  or in salt muds. Readings are only considered 
reasonable below 100 a-m and are accurate between 1 and 20 a m  when mud 
is very fresh. 

Phasor lnduction TOOIS. Since the early 1960’s, induction logging tools have 
become the principal logging device for fresh, slightly conductive to non- 
conductive (oil-base) muds. However, these devices are significantly affected by 
environmental (bore-hole size and mud composition) and geological (bed 
thickness and invasion) conditions. Also, high formation resistivities (> 50 to 
100 a-m) dramatically increase the difference between apparent Rt and true Rt 
[58A, 1991. In 1986, Schlumberger introduced a new induction log to offset these 
problems [58A]. This device is known by the trade name Phasor Induction SFL 
and uses a standard dual induction tool array. The difference between the 
conventional and phasor devices is in signal processing made possible by 
miniaturization of computer components. Induction tools all produce two 
signals: the inphase (R-signal) induction measurement and the quadrature (X- 
signal) induction signal. The R-signal is what is presented on standard dual 
inductionSFL log presentations. The R-signal and X-signal measurements are 
combined during advanced processing in the logging tool itself to produce a 
log with real time corrections for environmental and geological conditions. 
Apparent Rt is nearly equal to true Rt in most situations. Vertical resolution of 
this device is about the same as conventional induction tools (about 6 feet), but 
enhanced and very enhanced resolution phasor tools are available that have 
vertical resolutions down to 2 feet [58A]. The primary advantages of this tool 
include much better Rt readings in high resistivity formations (i.e. > 100 a-m) 
and more accurate readings in salty muds than previously possible. 

Focused Resistivity Tools (Laferologs). The Laterologs are the primary salt-mud 
resistivity tools. Salt mud presents a problem in that the path of least resistance 
is within the borehole. Therefore the current must be forced into the formation 
which has higher resistance. To do this, secondary electrodes (A,, and 4) are 
placed above and below the measuring current-emitting electrode (AJ. These 
secondary electrodes emit “focusing” or “guard” currents with the same polarity 
as the measuring currents. Small monitoring electrodes (MI, M,, M,’ and Me? 
adjust the focusing currents so that they are at the same potential as A, and 4. 
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A sheet of current measuring one to two feet thick is then forced into the 
formation from A,,. The potential is then measured between M and M, and a 
surface ground. Since Io is a constant, any variation in M, and M, current is 
proportional to formation resistivity. Figure 5-75c shows the electrode arrange- 
ment [58]. 

Corrections. As previously mentioned, resistivity tools are affected by the bore- 
hole, bed thickness, and invaded (flushed) zone. If bed thickness and mud 
resistivity are known, these effects can be accounted for. Major service com- 
panies (Schlumberger, Atlas Wireline, Welex Halliburton) provide correction 
charts for their tools. Several charts for Schlumberger tools are included in this 
chapter (Figures 5-76 to 5-82) [199] and can be used with logs from other service 
companies. Complete chart books are available from most wireline service 
companies. Current chart books should be used and can be obtained by calling 
the appropriate service company or by asking the logging engineer. Correction 
and interpretation charts for older tools (normals and laterals) are no longer 
published by service companies, but can be found in a text by Hilchie [202] 

(text continued OR page 146) 

HOLE DIAMETER (mm) 

HOLE DIAM€I€R (in.) 

Figure 5-76. Borehole correction chart for induction log readings [199]. 
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0 1 2 3 4(ft)5 6 7 8 

BED THICKNESS 

1 1 1 1 1 1 1 1 1 1  
0 1 2 3 4(m)5 6 7 8 

BED THICKNESS 
NOTE: These corrections are computed for a shoulder-bed resistivity (SBR) settlng of 1 Q m. Refer to log heading 
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Figure 5-77. Bed thickness correction charts for the deep induction log [199]. 
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Figure 5-78. Bed thickness correction charts for the medium induciton log [199]. 
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Thick Beds, 8-in. (203-mm) Hole, Skin-Effect Corrected, 
RxJRm = 100, DIS-DB or Equivalent 
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Figure 5-79a. Invasion correction charts for the dual induction-laterolog 8 
combination [199]. 
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This chart may also be used with Dual Induction-Spherically Focused log. 

Figure 5-79b. 
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RXJRm = 100, DIS-EA or Equivalent 
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Flgure 5-79c. Invasion correction chart for the dual induction-spherically 
focused log cornbinationg [199]. 
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Thick Beds, 8-in. (203-mrn) Hole, Skin-Effect and Borehole Corrected, 
RdR, = 100, DIT-E or Equivalent, Frequency = 20 kHz 

Figure 5-79d. Invasion correction chart for the phasor dual induction- 
spherically focused log combination for Rxo/Rm = 100 [199]. 
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Thick Beds, 8-in. (203-mm) Hole, Skin-Effect and Borehole Corrected, 
Rx,-,/Rm = 20, DIT-E or Equivalent, Frequency = 20 kHz 
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Flgure 5-79e. Invasion correction chart for the phasor dual induction- 
spherically focused log combination for Rxo/Rm = 20 [199]. 
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Thick Beds, 8-in. (203-mm) Hole 
R l ~ p  < 10 Q m, DIT-E or Equivalent, Frequency = 20 kHz 

143 

I 
1 2 3 4 

R I I M ~ I P  

I QSchlumberger 

This chart uses the raw, unboosted induction signals and the ID-Phasor value to define the invasion profile in a 
rock drilled with oil-base mud. To use the chart, the ratio of the raw, unboosted medium induction signal (IIM) 
and the deep Phasor induction (IDP), is entered in abscissa.The ratio of the raw, unboosted deep induction signal 
QlD) and the deep Phasor induction (IDP) is entered in ordinate. Their intersection defines dl, R&, and Rt. 

W P L E  h~p = 1.6 R m 
Rim = 2.4 $2 m 
RIM = 2 . 4 n * m  

Giving, RndRlop = 2.4/1.6 = 1.5 
RHM/RIOP = 2.411.6 = 1.5 

Therefore, dl = 50 in. 
RdRt  = 15 

Rdftmp = 0.94 
Rt=O.94(1.6) 

= 1.5 R m 

Figure 5-79f. Invasion correction chart for the phasor dual induction log in 
oil-based mud [199]. 
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RIMP~RIDPH 
Figure 5-79g. Invasion correction chart for the phasor dual induction-Rxo log 
combination for Rxo = 10, Rxo/Rm = 20 [199]. 
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Figure 5-79h. Invasion correction chart for the phasor dual induction-Rxo log 
combination for Rxo = 50, Rxo/Rm = 100 [199]. 
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0.1 0.2 0.3 0.4 0.5 0.7 1 2 
RIMPH/~DPH 

Figure 5-791. invasion correction chart for the phasor dual induction-Rxo log 
combination for Rxo Rt [199]. 

' 1  2 3 4 5 

R X ~ R S F L  

Figure 5-793. Invasion correction chart for the phasor dual induction- 
spherically focused-Rxo log combination for Rxo = IO, Rxo/Rm = 20 [199]. 



146 Reservoir Engineering 

Rxo = 50, RxJRm, = 100, Frequency = 20 kHz 
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RXO/RSFL 
Figure 5-79k. Invasion correction chart for the phasor dual induction- 
spherically focused-Rxo log combination for Rxo = 50, Rxo/Rm = 100 [199]. 

(text continued from page 135) 

and in a recent publication [203]. All log readings should be corrected with these 
charts to obtain accurate R, and R, readings. 

The dual induction logs should be corrected for borehole, bed thickness, and 
invasion effects if three curves are present. The induction-SFL, induction-118, 
and induction-electric log combinations require an R, curve to make corrections. 
If no R, device is presented, the deep induction curve is assumed to read true 
R,. The specific charts included in this text are Figure 5-76 for induction log 
borehole corrections, Figures 5-77 and 5-78 for induction log bed-thickness 
corrections., and Figure 5-79a to 5-79c for invasion corrections (check log to see 
if an SFL or a LL-8 log was used with the induction curves and select the 
appropriate Tornado chart) [ 1991. Phasor induction logs only require invasion 
correction. This is accomplished with the appropriate Tornado Charts (Figures 
5-79d to 5-79k) [199]. An invasion correction Tornado Chart for phasor induc- 
tion tools with other frequencies are also available [58a]. 

The dual laterolog-Rxo combination should be corrected for borehole effects; 
bed thickness corrections are not normally made. Figure 5-80 is used to make 
the borehole corrections of the deep and shallow laterologs, respectively [199]. 
Figure 5-81 is used to correct the micro-SFL logs for mud cake effects [199]. 
Invasion effects are corrected by using Figure 5-82 [199]. 

Interpretation. With Equation 5-70, water saturation can be found using corrected 
values of R, derived from the Tornado charts. R, can be found from an SP log 
or chemical analysis, and F, from a porosity log and Table 5-7. 
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Figure 5-80a. Borehole correction charts for the laterolog and spherically 
focused logs [199]. 

If a porosity log is not available, FR can be found using Equation 5-45. R, is 
selected in a water-bearing zone from the deepest reading resistivity curve. Care 
should be taken to select R, in a bed that is thick, permeable, and clean 
(shalefree). The zone should be as close to the zone of interest as possible. R, 
can sometimes be selected from below the water/hydrocarbon contact within 
the zone of interest. Archie's equation (as described earlier) can then be used 
to calculate water saturation: 

I/e 
s, = [y] (5-70) 



148 Reservoir Engineering 

1.4 

1.3 

9 1.2 

5 1.0 

cr' 0.9 

a 1 1 . 1  
8 

0.8 
0.7 

1.5 

1.4 

3 1.3 

5 1.2 

Y E 1.1 

a 1.0 

0.9 
0.8 

Deep Laterolog Borehole Correction 
DE-DE Centered,Thick Beds 

5 10 20 50 100 200 500 1000 5000 10,000 

R L L D ~  

Shallow Laterolog Borehole Correction 
DE-DE Centered, Thick Beds 

5 10 20 50 100 200 500 1000 5000 10,000 

R L d R ,  

Figure 5-80b. Borehole correction charts for the dual laterolog [199]. 

If no porosity log or water zone is available, the ratio method can be used 
to find water saturation. The saturation of the flushed zone (S,) can be f m d  by: 

w 
s, =[?I (5-98) 

When Equation 5-70 is divided by Equation 5-98, the result is a ratio of 
water saturations: 

(5-99) 
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Figure 5-81. Mudcake correction for: (a) microlaterolog, (b) proximity log and 
(c) micro SFL log. 
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Thick Beds, 8-in. (203-mm) Hole, 
No Annulus, No Transition Zone, 

Use Data Corrected for Borehole Effect 
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Flgure 5-82. Invasion correction chart for the dual laterolog-R, log 
combination [199]. 
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Poupon, Loy, and Tixier [204] found that for “average” residual oil saturations: 

s, = sy 
Substituting Equation 5-100 into Equation 5-99 and rearranging terms: 

s, = - [ 2;:: ly’ 

(5-1 00) 

(5-101) 

With this equation, water saturation can be found without knowing $. Note, how- 
ever, that this interpretation method is based on the assumption that Sm = SA’5. 
This relation is for “average” granular rocks and may vary considerably in other 
rock types. Figure 5-83 is a chart [199] that solves Equation 5-101. 

When two or more resistivity logs with different depths of investigation are 
combined, permeable zones can be identified. In a permeable zone, the area 
closest to the borehole will be flushed of its original fluids; mud filtrate fills 
the pores. If the mud filtrate has a different resistivity than the original 
formation fluids (connate water), the shallowest-reading resistivity tool will have 
a different value than the deepest-reading tool (Figure 5-84). Many times this 
difference is significant. The separation of the resistivity curves that result is 
diagnostic of permeable zones. 

Care should be taken not to overlook zones in which curves do not separate. 
Curve separation may not occur if: 

1. The mud filtrate and original formation fluids (i.e., connate water and 
hydrocarbons) have the same resistivity; both shallow and deep tools will 
read the same value This is usually not a problem in oil or gas-saturated rocks. 

2. Invasion of mud filtrate is very deep, both shallow and deep tools may 
read invaded-zone resistivity This occurs when a long period of time elapses 
between drilling and logging or in a mud system with uncontrolled water loss. 

Microresistivity TOOIS. Microresistivity tools are used to measure the resistivity 
of the flushed zone. This measurement is necessary to calculate flushed zone 
saturation and correct deep-reading resistivity tools for invasion. Microresistivity 
tools are pad devices on hydraulically operated arms. The microlog and proximity 
log are the two main fresh-mud microresistivity tools, while the micro SFL and 
microlaterolog are the two main salt-mud microresistivity tools. 

Figure 5-85 [58,200,205] shows the electrode pads and current paths for the 
Microlog (5-85a), Micro SFL. (5-85b), and proximity log (5-85c), and Micro- 
laterolog. Figure 5-85d shows the Micro SFL. sonde. 

Theory. The microlog makes two shallow nonfocused resistivity measurements, 
each at different depths. The two measurements are presented simultaneously 
on the log as the micronormal and microinverse curves. Positive separation 
(micronormal reading higher than the microinverse) indicates permeability. Rx, 
values can be found by using Figure 5-86 [199]. To enter Figure 5-86, Rmc must 
be corrected to formation temperature, and mudcake thickness (hJ must be 
found. To find hmc subtract the caliper reading (presented in track 1) from the 
borehole size and divide by two. In washed out or enlarged boreholes, hmc must 

(text continued on p a p  155) 
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EpSP or ESSP, mV 
Figure 5-83. Chart for determining water saturation by the ratio method [199]. 
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Flgure 5-84. Example of resistivity log cuwe separation as an indication of 
permeability. 
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PERMEABLE 
FOR M AT10 N M (NORMAL) 

MUD 
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FORMATION 

(C  1 
Figure 5-85. Electrode arrangements for various microresistivity devices:(a) 
microlog; (b) microspherically focused log; (c) microlaterolog; (d) location of 
the micro pad on the dual laterolog sonde [58,200,205]. 
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Figure 5-86. Chart for finding R, from microlog readings [199]. 

(text continued from page 151) 
be estimated. The microlog gives a reasonable value of Rxo when mudcake 
thickness is known. The main disadvantage of this tool is that it cannot be 
combined with an R, device, thus a separate logging run is required. The 
microlog is primarily a fresh mud device and does not work very well in salt- 
based muds [206]. Generally the mudcake is not thick enough in salt-based muds 
to give a positive separation opposite permeable zones. The backup arm on the 
microlog tool, which provides a caliper reading, is also equipped with either 
a proximity log or a Microlaterolog. The proximity log is designed for fresh 
muds where thick mudcakes develop opposite permeable formations. There is 
essentially no correction necessary for mudcakes less than in. If invasion is 
shallow, the R, measurement may be affected by R, because the proximity log 
reads deeper into the formation than the other microresistivity logs. When the 
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microlog is run with a proximity log, it is presented in track 1 with a micro- 
caliper. The proximity log is presented in tracks 2 and 3 on a logarithmic scale 
(Figure 5-87). 

Since its introduction, the microlog (Schlumberger) has become the standard 
tool for recognizing permeable zones. The theory behind it is similar to using 
multiple resistivity devices. The tool consists of three electrode buttons on a 
rubber pad which is pressed against the borehole wall. 

In a permeable zone, mud filtrate will enter the formation leaving the clay 
particles behind on the borehole wall. These clay particles may form a mudcake 
up to an inch thick. The resistivity of the mudcake is less than the resistivity of 
the formation saturated with mud filtrate. Two resistivity readings, the micro- 
inverse and the micronormal, are taken simultaneously. The microinverse has a 
depth of investigation of only an inch; therefore, it reads mostly mudcake (if 

Figure 5-87. Example log showing positive separation of the microlog curves 
opposite a permeable formation at 4,030 to 4,050 feet. 
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present). The micronormal has a depth of investigation of 3 to 4 in. and is 
influenced primarily by fluids in the flushed zone. The difference in resistivity 
shows up on the log as a separation of the curves with the micronormal reading 
higher than the microinverse. This is referred to as "positive separation." In 
impermeable formations, both readings are very high and erratic, and negative 
separation may occur (micronormal less than microinverse). Shales commonly 
show negative separation with low resistivities (Figure 5-87). 

In salt muds, the microlaterolog and micro spherically focused log (MSFL) 
are used for R, readings. The microlaterolog is a focused tool with a shallower 
depth of investigation than the proximity log. For this reason, the microlaterolog 
is very strongly affected by mudcakes thicker than J/8 in. It is presented in tracks 
2 and 3 like the proximity log. The MSFL is the most common R., tool for salt 
muds. It is a focused resistivity device that can be combined with the dual 
laterolog, thus providing three simultaneous resistivity readings, Although the 
depth of investigation is only a few inches, the tool can tolerate reasonably thick 
mudcakes 5h in.). The tool is also available in a slim-hole version. The only dis- 
advantage to this device is that the pad can be easily damaged in rough boreholes. 

Interpretation. The saturation of the flushed zone can be found from Equation 
5-99. Rm, must be at formation temperature. Moveable hydrocarbons can be 
found by comparing Sm and Sw. If Sw/Sm c 0.7 then the hydrocarbons in the 
formation are moveable (this is also related to fluid permeability). If SJSm > 0.7, 
either there are no hydrocarbons or the hydrocarbons present are not moveable. 

Gamma Ray Logs. The gamma ray log came into commercial use in the late 
1940s. It was designed to replace the SP in salt muds and in air-filled holes 
where the SP does not work. The gamma ray tool measures the amount of 
naturally occurring radioactivity in the formation. In general, shales tend to have 
high radioactivity while sandstone, limestone, dolomite, salt, and anhydrite have 
low radioactivity There are exceptions. Recently, tools have been designed to 
separate gamma rays into their respective elemental sources, potassium (K), 
thorium (Th), and uranium (U). 

Theory. Gamma rays are high-energy electromagnetic waves produced by the 
decay of radioactive isotopes such as K40, Th, and U. The rays pass from the 
formation and enter the borehole. A gamma ray detector (either scintillation 
detector or Geiger-Muller tube) registers incoming gamma rays as an electronic 
pulse. The pulses are sent to the uphole computer where they are counted and 
timed. The log, presented in track 1 in Figure 5-74, is in API units. 

As previoiisly mentioned, there are new gamma ray tools available that 
determine which elements are responsible for the radioactivity. The incoming 
gamma rays are separated by energy levels using special energy-sensitive detectors. 
The data are collected by the computer and analyzed statistically. The log 
presents total (combined) gamma ray in track 1 and potassium (in %), and 
uranium and thorium (in ppm) in tracks 2 and 5 (Figure 5-88). Combinations 
of two components are commonly presented in track 1. The depth of investiga- 
tion of the natural gamma tools is 2-10 in. depending on mud weight, formation 
density, hole size, and gamma ray energies. 

Interpretation. The interpretation of a total gamma ray curve is based on the 
assumption that shales have abundant potassium-40 in their composition. The 
open lattice structure and weak bonds in clays encourage incorporation of 
impurities. The most common of those impurities are heavy elements such as 
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Figure 5.88. Example of a natural gamma spectroscopy log presentation. 

uranium and thorium. Thus, shales typically have high radioactivity. Sandstones 
(quartzose), carbonates and evaporites have strong bonds and generally do not 
allow impurities. Limestones undergo rearrangement of crystal structure and 
addition of magnesium to become dolomites. Impurities like uranium (which is 
very soluble) may enter the crystal lattice during recrystallization. Feldspathic 
sandstones contain an abundance of potassium40 and therefore show higher 
radioactivity than quartzose sandstone. Some evaporite minerals (such as KC1) 
contain high amounts of potassium40 and may appear as shales on the log. Serra 
et al. [207] provide an excellent discussion of interpretation of the natural or 
spectral gamma-ray tool. 

Sonic (Acoustic) Log. The sonic (acoustic or velocity) tool measures the time 
it takes for a compressional wave to travel through one vertical foot of formation. 
It can be used to determine porosity (if the lithology is known) and to determine 
seismic velocities for geophysical surveys when combined with a density log. The 
sonic log also has numerous cased hole applications. 

Theow. A 20 khz sound wave is produced by the tool and travels through the 
mud into the formation. The wave travels vertically through the formation. The 
first arrival of the compressional wave is picked up by a receiver about one foot 
away from the transmitter. The wave continues through the formation and is 
picked up by the far receiver (normally 2-ft below the ne& receiver). The time 
difference between the near and far receivers is used to determine formation 
travel time (At). Fractures, vugs, unconsolidated formations, gas-cut mud, lost 
circulation materials, and rough boreholes can cause sharp increases in At, called 
cycle skips. 

Interpretation. Table 5-26 shows the velocity and travel time for several commonly 
encountered oilfield materials. The tm value in the fourth column is at 0% 
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Table 5-26 
Matrix Travel Times 

Materlal Wsec p sem used p se& poroslty p seCm 
Velocity range At range At commonly At at 10% 

Sandstone 
Limestone 
Dolomite 
Salt 
Anhydrite 
Shale 
Water 
Steel casing 

18,000-1 9,500 
21,000-23,000 
23,000-24,000 

15,000 
20,000 

7,000-1 7,000 
5,300 
17,500 

51 .&55.5 
43.5-47.6 
41.0-43.5 

66.7 
50.0 

176-200 
57.0 

58.0-142 

55.0 or 51.0 
47.5 
43.5 
66.7 
50.0 
- 

189 
57.0 

69.0 or 65.0 
61.8 
58.0 

From References 200 and 215. 

porosity Porosity increases travel time. Wyllie and coworkers [208] developed 
an equation that relates sonic travel time to porosity: 

Atlw - Attm. 
@ = Atf -At, (5-1 02) 

where At,og = At value read from log, p sec/ft 
Atm = matrix velocity at 0% porosity, p sec/ft 

Atf = 189-190 p sec/ft (or by experiment) 

The Wyllie equation works well in consolidated formations with regular inter- 
granular porosity ranging from 5%-20% [209]. If the sand is not consolidated 
or compacted, the travel time will be too long, and a compaction correction 
factor (C,) must be introduced [208]. The reciprocal of Cp is multiplied by the 
porosity from the Wyllie equation: 

(5-103) 

The compaction correction factor (C ) can be found by dividing the sonic 
porosity by the true (known) porosity. I[ can also be found by dividing the travel 
time in an adjacent shale by 100: 

(5-104) 

where C is a correction factor, usually 1.0 [200]. In uncompacted sands, poro- 
sities may be too high even after correction if the pores are filled with oil or 
gas. Hilchie [ZOO] suggests that if pores are oil-filled, multiply the corrected 
porosity by 0.9; if gas-filled, use 0.7 to find corrected porosity. 

Raymer, Hunt, and Gardner [210] presented an improved travel-time to 
porosity transform that has been adopted by some logging companies. It is based 
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on field observations of porosity versus travel time: 

This relationship is valid up to 37% porosity. 
The heavy set of lines in Figure 5-89 [199] was derived using the Raymer 

et al. [210] transform, and the lighter set represents the Wyllie relationship. 
The sonic porosity derived from the Wyllie equation (Equation 5-102) does 

not include secondary porosity (vugs and fractures), so it must be cautiously 
applied in carbonate rocks. 

Density Log. The formation density tool measures the bulk electron density 
of the formation and relates it to porosity. It is a pad device with a caliper arm. 
The tool is usually run in combinatioh with a neutron log, but it can be run alone. 

Porosity Evaluation from Sonic 
SVf = 5300 ft/S 

English 

- Time Averaoe . . . . -. - 

, PSchlumberger I 
n 

3 0  40 50 60 70 80 90 100 110 120 130" 

t, Interval Transit Time (ps/ft) 

Figure 5-89. Chart for evaluating porosity with a sonic log [199]. 
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Theow. The density tool emits medium energy gamma rays from a radioactive 
chemical source (usually Cs-137). The gamma rays penetrate the formation and 
collide with electron clouds in the minerals in the rock. With each collision 
the gamma ray loses some energy until it reaches a lower energy state. This 
phenomenon is called "Compton scattering." Some gamma rays are absorbed, 
and a high-energy electron is emitted from the atom. This phenomenon is called 
the "photoelectric absorption" effect, and is a function of the average atomic 
weight of each element. Both the Compton-scattered gamma ray and the photo- 
electrically produced electron return to the borehole where they are detected 
by scintillation tubes on the density tool. The main result is that a porous 
formation will have many returning gamma rays while a nonporous formation 
will have few returning gamma rays. Each tool has two detectors; one is near 
the source (short-spacing detector) and another is 1-1.5 ft (35-40 cm) away from 
the near detector (long-spacing detector). 

The long-spacing detector provides the basic value of bulk electron density. 
The short-spacing detector is used to make a mudcake correction. This correc- 
tion, made automatically by computer by most service companies, is based on 
the 'spine and ribs" plot (Figure 5-90) [211]. The "spine" is the heavy, nearly 

~~~~ ~ 

SHORT SPACING DETECTOR COUNTING RATE 

Figure 5-90. Spine and ribs plot used to correct bulk density readings for 
mudcake effects [58]. 
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vertical line from 1.9 to 2.9 g/cc. The ribs are the lighter curved lines trending 
left to right. The experimental data for constructing the ‘ribs” are shown in 
the corners of the plot. Long-spacing count-rates are on the abscissa and short- 
spacing count-rates are on the ordinate axis. The computer receives data from 
the sonde and plots it on the chart. If the point falls off the “spine,” it is brought 
back along one of the ribs. Bringing the point back along the “rib” will change 
the intersection point on the ‘spine.” The correction that is produced is called 
Ap and may be either positive or negative depending on the mud properties. 
Negative Ap values occur in heavy (barite or iron), weighted muds. Positive values 
occur in light muds and when the density pad is not flush against the borehole 
wall (as occurs in rough or “rugose” boreholes. The Ap curve is useful for 
evaluating the quality of the pb reading. Excursions from 0 that are more than 
f0.20 gm/cc on the Ap curve indicate a poor quality reading. 

hferpretation. An equation similar to the Wyllie equation is used to calculate 
porosity values from bulk density. 

(5-106) 

where p, = bulk density of matrix at 0% porosity, g/cc 
pb = bulk density from log, g/cc 
pf = bulk density of fluid, g/cc 

Table 5-27 lists commonly used values for p, and pp and, along with Fig- 
ure 5-91 shows how pr changes with temperature and pressure [58]. As with 
the sonic tool, an incorrect choice of matrix composition may give negative 
porosity values. 

If a zone is hydrocarbon saturated but not invaded by mud filtrates, the low 
density of the hydrocarbons will increase the porosity reading to a value that is 
too high. In this case, Hilchie [ZOO] suggests using the following equation: 

(5-107) 

where pw = density of formation water, g/cc (estimated from Figure 5-91) [58] 

Neutron Log. Neutron tools measure the amount of hydrogen in the formation 
and relate it to porosity. High hydrogen content indicates water (H,O) or liquid 
hydrocarbons (CxHz) in the pore space. Except for shale, sedimentary rocks do 
not contain hydrogen in their compositions. 

7 3 ~ ~ .  Neutrons are electrically neutral particles with mass approximately equal 
to that of a hydrogen atom. Highenergy neutrons are emitted from a chemical 
source (usually AmBe or PuBe). The neutrons collide with nuclei of the forma- 
tion minerals in elastic-type collisions. Neutrons will lose the most energy when 
they hit something with equal mass, such as a hydrogen atom. A few micro- 
seconds after being released, the neutrons have lost significant energy and enter 

p,, = density of hydrocarbons, g/cc (from Figure 5-92) [199] 
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Table 5-27 
Bulk Densities Commonly Used for Evaluating 

Porosity With a Density Log* 

p,, at 10% porosity 
Material Pbvlk (fresh water) 

Unconsolidated sand 2.65 glcc 2.48 glcc 
Silica cemented sand 2.65 glcc 2.48 glcc 
Calcite cemented sand 2.68 glcc 2.51 glcc 
Limestone 2.71 glcc 2.54 glcc 
Dolomite 2.a3-2.87 gicc 2.64-2.68 glcc 
Salt 2.03 glcc - 
Anhydrite 2.98 glcc - 
Fresh water 1.0 glcc - 
Salt water 1.1-1.2 glcc - 

Fluid Densities for Water (Based on Salinity)”* 

Salinity, ppm NaCl Pr  glee 

0-50,000 
50,000-1 00,000 

100,000-1 50,000 
150,000-200,000 
200,000-250,000 
250,00&300,000 

1 .o 
1.03 
1.07 
1.11 
1.15 
1.19 

’ From Reference 215. 
** From Reference 200. 

the thermal state. When in the thermal state, neutrons are captured by the nuclei 
of other atoms (Cl, H, B). The atom which captures the neutron becomes very 
excited and emits a gamma ray. The detectors on the tool may detect epithermal 
neutrons, thermal neutrons or high-energy gamma rays of capture. Compensated 
neutron tools (CNL) detect thermal neutrons and use a ratio of near-to-far 
detector counts to determine porosity. Sidewall neutron tools (SNP) detect 
epithermal neutrons and have less matrix effect (though they are affected by 
rough boreholes more than the CNL). 

Interpretation. Neutron tools are seldom run alone. They are usually combined 
with a density-porosity tool. Older neutron logs are not presented as porosity 
but as count rates. Some logs do not specify a scale (Figure 5-93), but only which 
direction the count rate (or radiation) increases. An increase in radiation 
indicates lower porosity (less hydrogen). Newer logs present porosity (for a 
particular matrix, limestone, sandstone or dolomite) directly on the log. Most 
neutron logs are run on limestone matrix. Figure 5-94 corrects the porosity for 
matrix effect if the log is run on limestone matrix [199]. Neutron logs exhibit 
“excavation effect” in gas-filled formations. The apparent decrease in porosity 
is due to the spreading out of hydrogen in gas molecules; gases have less 
hydrogen per unit volume than liquids. Thus the neutron tool sees less hydrogen 
and assumes less porosity. The magnitude of the effect depends on gas saturation, 
gas density, and pressure. Care should be taken in using correction charts for 
neutron tools; each service company has a slightly different design, and the 
correct chart for the particular tool and service company should be used. 
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TEMPERATURE, C 

Figure 5-91. Chart showing relationahip of water salinity to density and 
temperature [58]. 

Multiple-Porosity Log Interpretation. As mentioned earlier, the neutron, 
density, and sonic tools are lithology dependent. If the matrix is incorrectly 
selected, porosity may be off as much as 10 porosity units. If two lithology- 
dependent logs are run simultaneously on the same matrix and presented 
together, lithology and porosity can be determined. The most common and 
useful of combinations is the neutron and density. Figures 5-95 through 5-99 
are crossplots of neutron, density, and sonic porosity [199]. The charts are 
entered with the appropriate values on the ordinate and abscissa. The point 
defines porosity and gives an indication of matrix. If a point falls between two 
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Figure 5-92. Chart for estimating density of gases from reservoir depth and 
gas specific gravity [200]. 

matrix lines, it is a combination of the two minerals or the neutrondensity 
crossplots. Gas moves the points up and to the left. To correct for the gas effect, 
move parallel to the gas correction arrow to the assumed lithology. Note that a 
gassy limestone may look like a sandstone. Shales tend to bring points down 
and to the right depending on the shale composition. Typically, shaly sandstone 
will look like a limestone. The sonicdensity crossplot is not very helpful in 
determining porosity or lithology but is extremely useful for determining 
evaporite mineralogy. 
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Figure 5-93. Old neutron log presentation. 

In some areas, neutron and density tools are run on sandstone porosity and 
therefore cannot be entered in the charts directly. To use the neutron-density 
crossplots when the matrix is not limestone, another method must be applied. 
Remember that the vertical lines are constant neutron-porosity and the horizontal 
lines are constant density-porosity. Instead of entering the bottom or sides of 
the chart, select the appropriate lithology line in the interior of the chart. Draw 
a horizontal line through the density-porosity and a vertical line through the 
neutron-porosity. Lithology and porosity are determined at the intersection of 
these two lines. 

Another device that provides good lithology and matrix control is the Litho- 
density tool (LDT). It combines a density tool with improved detectors and a 
Pe, curve (photoelectric effect). Combining the Pb, and Pe, curve values, an 
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0 10 20 30 40 

$ s N ~ ~ ~ ~ ~  Apparent Limestone Neutron Porosity (pu) 
$ C N ~ , , ~ ,  Apparent Limestone Neutron Porosity (pu) 

Figure 5-94. Matrix lithology correction chart for neutron porosity logs [199]. 

accurate 3- or 4-mineral composition can be determined from the charts in 
Figures 5-100 to 5-103 [199]. This also provides an excellent way to confirm 
neutron-density cross-plot interpretations. 

Nuclear Magnetic Resonance (NMR). This log examines the nucleus of certain 
atoms in the formation. Of particular interest are hydrogen nuclei (protons) since 
these particles behave like magnets rotating around each other [212]. Hydrogen 
is examined because it occurs in both water and hydrocarbons. 

The log measures fluid by applying a magnetic field, greater in intensity than 
the earth field, to the formation. Hydrogen protons align themselves with the 
induced field and when the field is suddenly removed, the protons precess about 
the earth’s magnetic field much like a gyroscope. The nucleus of hydrogen has 
a characteristic precession rate called the Larmor frequency (-2,100 Hz), and 
can be identified by sensors on the tool [213]. The nuclei contributing to the 
total signal occur in the free fluid in the pores; fluid adsorbed on the grains 
makes no contribution. The signals are then processed in a computer and 
printed out onto a log. 

Normally, proton precession decays along a time constant, T2. This is a result 
of each proton precession falling out of phase with other protons due to 
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Figure 5-95. Chart for finding porosity and matrix composition from an 
FDC-SNP log combination in fresh water [199]. 

differences in the local magnetic fields. Moreover, each proton precesses at a 
slightly different frequency, depending on the kind of fluid it occurs in. This 
disharmonic relationship makes it possible to differentiate between free water 
and free oil in a reservoir [213]. 

Three log modes can be presented 

1. 

2. 

Normal mode--consists of the free fluid index (FFI) in percent obtained 
from a polarization time of two seconds, the Larmor proton frequency 
(LFRE), the decay-time constant (or longitudinal relaxation time) of the 
signal (T,) and a signal-to-noise ratio (STNR). 
Continuous mode-gives three free fluid index (FFI) readings taken at 
polarization times of 100, 200, and 400 ms, respectively, two longitudinal 
relaxation times (T, and T,), and a signal-to-noise ratio (STNR). 
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0 10 20 30 40 

(Apparent Limestone Porosity) 
$ s N ~ ~ ~ ~ ,  Neutron Porosity Index (pu) 

Figure 5-96. Chart for finding porosity and matrix composition from an 
FDC-SNP log combination in salt water [199]. 

3. Stationary display mode-a signal-stacking mode where eight signals are 
stacked from each of six polarization times to obtain precise T,, T,, and 
FFI values. 

FFI readings yield porosity that is filled with moveable fluid and is related 
to irreducible water saturation (Si,). Addition of paramagnetic ions to the mud 
filtrate will disrupt the water portion of the signal and residual oil saturation 
(So,) can be determined. 

Desbrandes [212] summarized the following uses for the NML: 

1. Measuring free fluid volume in the pores ($,) 
2. Evaluating permeability by comparing 4 1 ~  with $= (total porosity from a 

neutron-density log combination). 
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Figure 5-97. Chart for finding porosity and matrix composition from a 
FDC-CNL log combination in fresh water [199]. 

3. Locating intervals at irreducible water saturation by comparing $F with $, 

4. Determining residual oil saturation by adding paramagnetic ions to the 
and R,, determined with other logs. 

mud filtrate to cancel the water signal and leave the oil signal. 

Dielectric Measurement Tools. Dielectric measurement tools examine the 
formation with high frequency electromagnetic, waves (microwaves) rather than 
high-frequency sound waves (as in the sonic or.acoustic logging tools). The way 
the electromagnetic wave passes through a given formation depends on the 
dielectric constants ( E )  of the minerals and fluids contained in the rock. 
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Figure 5-98. Chart for finding porosity and matrix composition from a 
FDC-CNL log combination in salt water [199]. 

Two types of tools are available [212]: 

1. VHF sondes that have frequencies of 20-47 Mhz (found in the deep 
propagation tool [Schlumberger], and dielectric tools [Dresser-Atlas and 
Gearhart-Owen], and 

2. UHF sondes that have a frequency of 1.1 GHz (found in the electro- 
magnetic propagation tool [Schlumberger]). 

The only tool that is currently available is Schlumberger’s electromagnetic 
propagation tool (EPT); the others are still experimental [212]. 
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Figure 5-99. Lithology estimation chart for the FDC-sonic log combination in 
fresh water [199]. 

Theow. The EPT is a sidewall tool that measures the dielectric properties of a 
formation by passing spherically propagated microwaves into the rock. The tool 
consists of 2 transmitters (TI, and T2) and 2 receivers (Rl, and %) mounted in 
an antenna pad assembly. Its basic configuration is that of a borehole com- 
pensation array (much like the borehole compensated sonic (BHC) log). The 
transmitter fires a 1.1 GHz electromagnetic wave into the rock around the well- 
bore. As the wave passes through the rock and fluid there, it is attenuated, and 
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Figure 5-100. Chart for finding apparent matrix density or apparent matrix 
transit time from bulk density or interval transit time and apparent total 
porosity [199]. 

its propagation velocity is reduced. The wave then refracts to the borehole where 
it is sequentially detected by the two receivers. Haw much the wave is attenuated 
is a function of the dielectric permittivity of the formation. Rocks and oil have 
similar permittivities while water has a very different permittivity. Therefore, 
the wave responds to the water-filled porosity in the formation, and the response 
is a function of formation temperature. 

Since the wave is attenuated by water (and is not too bothered by oil), the 
log response indicates either L, (in water-based mud systems) or bulk volume 
water (in oil-based mud systems). 

In order to provide usable values, the velocity of the returning wave is 
measured and compared to the wave-propagation velocity in free space. The 
propagation velocity of the formation is then converted into propagation time 
(Tp,). A typical log presentation includes a Tpl, curve (in nanoseconds/meter), 
an attenuation curve (EATT) in decibels/meter, and a small-arm caliper curve 
(which measures borehole rugosity) recorded in tracks 2 and 3. Figure 5-104 
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Figure 5-102. Chart for determining apparent matrix volumetric cross section 
from bulk density and photoelectric cross section [199]. 

shows the basic antenna configuration [214]. Figure 5-105 is an example of an 
EFT log presentation. 

The depth of investigation of the tool varies between one and three inches 
and depends on formation conductivity; high conductivity reduces depth of 
investigation. 

The tool is affected primarily by hole roughness (rugosity) and mud cakes 
> s/s in. thick. These effects reduce depth of investigation and in extreme 
situations (i.e., very rough holes and/or very thick mud cakes) keep the tool 
from reading the formation at all. 

Interpretation. The most common way to interpret EPT logs is called the Tpo 
method [214]. Tpo in a clean formation is given by: 

Tpo ($sxoTpfo) + $(' - 'm) Tph@ + - $1 Tpma (5-108) 

Rearranging terms and solving for Sxo: 

(5-1 09) 
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Figure 5-1 03. Matrix indentification crossplot chart for finding matrix 
composition from apparent matrix density and apparent matrix volumetric 
cross section [199]. 

where Tpo = Tp, corrected for conductivity losses, nanosecs/m 
T = the matrix propagation time, nanosecs/m 
TPhY = the hydrocarbon propagation time, nanosecs/m 
fpso = the fluid propagation time, nanosecs/m 

Tp can be calculated by: 

(5-110) 
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Antenna configuration 

Borehole 
Fluid 

Backup 
arm 

Figure 5-104. Diagram showing antenna-transmitter configuration for an EPT 
sonde and microwave ray paths through the mudcake and formation adjacent 
to the borehole [214]. 

where Ac = Alog - 50 (5-111) 

(A,o = EATT curve reading in dB/m) 
?g is a function of formation temperature (T) and can be found from: 

PfO 

20( 710 - T/3) 
Tpfo = (440- T/3) (5-1 12) 

Tpm is taken from Table 5-28 and t$ is taken from a neutron-density log (I$~,,). 
Equation 5-109 can be rearranged to find t$ for a quick-look comparison with 
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6900 

6300 

FILE 

8 I 

other porosity devices (specifically the neutron-density log) [214]. By assuming 
Tphyd SJ Tph, Tphyd can be eliminated and: 

(5-113) 

Since the EPT log measures water-filled porosity, by definition 
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Table 5-28 
Matrlx Propagatlon limes with the Electromagnetic 

Propagation Tool for Varlous Minerals 
~~ 

Mineral Tpma, nano sedm 

Sandstone 7.2 
Dolomite 8.7 
Limestone 9 1  
Anhydrite 8.4 
Dry colloids 8.0 
K-feldspar 7.0-8.2 
Muscovite 8 3-9.4 
Biotite 7 3-8.2 
Talc 7.1-8.2 
Halite 7 9-8.4 
Siderite 8.8-9.1 
Gypsum 6 8  
Sylvite (KCI) 7.2-7.3 
Limonite 10.5- 11.0 
Apatite 9.1-1 0.8 
Sphalerite 9.3-9.6 
Rutile 31.843.5 

Shale variable 
Fresh water @I 250°C 29.0 

Petroleum 4.7-5.8 

From Reference 214. 

in a water zone (R, = Ro; Sw = 100%) 
So, in hydrocarbon zones: 

$EFT s, = - 
$m 

(5-114) 

(5-115) 

Figure 5-106 is a quick look at response compared to FDC, CNL, and 
induction-log resistivity in gas, oil, fresh water-, and saltwater-bearing formations 
[214]. These responses also indicate moveable oil saturation (1 - S,) and, 
therefore permeability. 

Special Openhole Logs and Services 

Dipmeter. The dipmeter is a four-armed device with pads that read resistivity 
of thin zones. These four resistivity curves are analyzed by computer and 
correlated to determine formation dip and azimuth. The dips are presented on 
a computer-produced log. In addition to dip, hole deviation, borehole geometry, 
and fracture identification are also presented. 
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Figure 5-106. EPT quicklook chart comparing curve response of induction 
resistivity, neutron porosity, density porosity and EPT porosity in water 
bearing and hydrocarbon-bearing zones [214]. 

Repeat Formation Tester. The repeat formation tester measures downhole forma- 
tion pressures. The tool is operated by an electrically driven hydraulic system 
so that several zones may be pressure tested on one trip into the hole. Once 
the drawdown pressure and the pressure buildup have been recorded, they can 
be processed by a computer at the well-site to provide Horner plots from which 
permeabilities are calculated. Permeabilities from the drawdown test often vary 
considerably from measured permeabilities and should be considered an order- 
of-magnitude estimate. This is usually due to a.very shallow depth of investiga- 
tion associated with drawdown tests [212]. The pressure buildup has a better 
depth of investigation than the drawdown pressure test. Accuracy depends on 
what type of pressure-wave propagation model is chosen [212,215,216] as well 
as the compressibility and viscosity of the formation fluids. 
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Sidewall Cores. After drilling, cores from the side of the borehole can be taken 
by wireline core guns or drills. Guns are less expensive but do not always recover 
usable cores. Sidewall drilling devices have become quite common in the last 
few years. Up to 20 cores may be cut and retrieved on one trip into the hole. 

Cased Hole Logs. Cased hole logs are run to evaluate reservoir performance, 
casindcement job quality, and to check flow rates from producing intervals. 
The reader is referred to Bateman's book [217] on cased hole logging which 
provides a more detailed discussion than is possible in this summary. 

Cased hole logs can be broadly divided into two classes: 

1. Logs that measure formation parameters through the casing. 
2. Logs that measure the parameters within and immediately adjacent to 

the casing. 

These logs are all combined to monitor fluids being produced, monitor 
reservoir performance, and monitor production-string deterioration with time. They 
differ from open-hole logs in that the majority of cased hole logs merely monitor 
f hid production rather than provide extensive data on formation characteristics. 

Cased Hole Formation Evaluation. Two tools are currently being used to 
provide formation evaluation in cased holes: 

1. Pulsed neutron logs. 
2. Gamma spectroscopy tools (GST) logs. 

Pulsed Neutron Logs. Pulsed neutron logs are used to monitor changes in fluid 
content and water saturation with respect to time. Current tools also provide a 
means of estimating porosity They are particularly valuable for [217]: 

1. Evaluating old wells when old open-hole logs are poor or nonexistent. 
2. Monitoring reservoir performance over an extended period of time. 
3. Monitoring the progress of secondary and tertiary recovery projects. 
4. Formation evaluation through stuck drill pipe (generally a last resort). 

Theory. A neutron generator that consists of an ion accelerator fires deuterium 
ions at tritium targets. This produces a burst of 14 keV neutrons which pass 
through the borehole fluid (must be fresh water), casing, and cement. The burst 
then forms a cloud of neutrons in the formation which are rapidly reduced to 
a thermal state by collisions with the atoms in fluids in the rock (made up 
primarily of hydrogen atoms). Once in a thermal state, they are most liable to 
be captured by chlorine (or boron). The capture process will produce a gamma 
ray of capture which is then detected by a scintillometer in the tool. The time 
it takes for the neutron cloud to die during the capture process is a function 
of the chlorine concentration in the formation fluid. This is then related to 
water saturation. Rapid disappearance of the thermal neutron cloud indicates 
high water saturation. Slower disappearance of the cloud indicates low water 
saturation (i.e., high hydrocarbon saturations). The rate of cloud decay is 
exponential and can be expressed by: 

N = N e(-") (5-116) 
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where N = number of gamma rays observed at time t 
No = number of gamma rays observed at t = 0 

t = elapsed time (microseconds) 
2 = time constant of the decay process, microseconds 

Of most interest is z since it is strictly a function of the decay rate of the 
neutron cloud (or rather the slope of the exponential function). From z the 
capture cross section, X, can be calculated 

= 4,550/~ (5-117) 

The tools that are available to measure 2 include: 

1. TDT-K (with 3 moveable gates or detectors) 
2. DNLL (dual neutron lifetime log) (which uses 2 gates), 
3. TDT-M (with 16 fixed gates), and 
4. TMD (thermal multigate decay) (which uses 6 gates). 

In general, these tools all perform the same function: they measure the decay 
rate of the neutron cloud in the formation. This is accomplished by using a 
series of windows to measure near and far-spacing counting rates, as well as 
background gamma ray rates. The first gates are not triggered until all neutrons 
in the cloud in the formation are thermalized. At this point neutron capture 
has started. By using certain gating times and gate combinations, the slope of 
the straight portion of the decay curve is measured and related to X. In addition, 
the ratio between the short-spacedetector and long-spacedetector counting rates 
is also calculated and is related to porosity. (It is similar in principle to the CNL 
porosity device used in openhole logging.) 

Log Presentations. Figure 5-107 is an example of a DNLL log presentation. 
Most other TDT logs are presented in a similar way, except that the number of 
curves varies from company to company. The log shown in this figure consists of 
5 curves: 

1. Gamma ray curve (Track 1). 
2. Gate 1 counting rate (CPM). 
3. Gate 2 counting rate (CPM). 
4. Ratio curve (= CNI. ratio). 
5. Sigma curve (x). 
In addition, the pips located on the left side of track 2 are the corrected 

casing collar locations. 
Gate 1 and Gate 2 show the raw data from the detectors, the ratio curve shows 

relative hydrogen concentration (= water-filled porosity), and the G curve shows 
the capture cross-section. Some logs also show a T curve, but it i s  normally 
omitted [217]. 

Interpretation. Interpretation of pulsed neutron logs is very straightforward. 
It relies on knowledge of three parameters (four in hydrocarbon-bearing zones): 

1. &og (capture units). 
2. L u i x  

3. L,, 
4. ~hvdrncardon 
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Figure 5-107. Dual neutron lifetime log (DNLL) presentation. 
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According to Schiumberger [220] the log response may be described as: 

Elog = E,( - $) + EW$'w + &y$(' - 'w) (5-118) 

Solving for Sw: 

(5-119) 

Porosity ($) can be found either from an openhole porosity log or by com- 
bining the ratio curve and Gag. Figures 5-108 to 5-111 are charts to find porosity, 

Sandstone, 5 1/2 -in. Casing, 8-in. Borehole, Fresh Water Cement, Tool Eccentered 

5 

4 

0 .- w 

2 
3 

1 

0 
QSchlumberger 

Figure 5-108. Chart for determining porosity and apparent water salinity from 
Zlog and ratio curves in 5 1/2-in. casing and an 8-in. borehole [199]. 
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10 

Example: 

20 30 40 50 

(CUI 
Ratio = 3.1 x LOG = 20 cu 
Borehole fluid salinity = 80,000 ppm 
5 %-in. casing cemented in 8 3/4-in. borehole 

Thus, from Chart Tcor-3 

Apparent water salinity = 50,000 ppm 

If this were a clean formation and connate water salinity was 
known to be 150,000 ppm, then 

0 = 30% 

I; wa = 40 cu 

s,= 50,000 =33% 
150,000 

Figure 5-109. Chart for determining porosity and apparent water salinity from 
Dog and ratio curves in 7-in. casing and a 9-in. borehole [199]. 
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Sandstone, 7- to 9-in. Casing, 12-in. Borehole, Fresh Water Cement, Tool Eccentered 

0 .- 
.I-. 

l2 

3 

2 

1 
10 20 30 40 50 

(CUI 
Flgure 5-110. Chart for determining porosity and apparent water salinity from 
Zlog and ratio curves in 7- to 9-in. casing and a 12-in. borehole [199]. 

appareqt water salinity, and Zw, using this combination. By selecting the chart 
for the appropriate borehole and casing diameter, these values are easy to 
determine. Simply enter the proper axes with the log-derived values, and find 
porosity and Zw at the intersection of the two lines. If water salinity and 
formation temperature are known, use Figure 5-111 to find xw. 

Estimating LY is another matter. You must first know if the hydrocarbons are 
oil, methane, or heavier hydrocarbon gases (Le., propane, butane, pentane). For 
oil, solution gas-oil ratio and oil gravity ('API) are needed. If the g a s  is methane, 
reservoir pressure and temperature are required. For gases other than methane, 
the specific gravity of the gas can be converted to equivalent methane using 



Formation Evaluation 187 

Example: A reservoir section at 90°C temperature and 25 MPa pressure 
contains water of 175,000 ppm (NaCI) salinity: 30" API oil with 
a GOR of 2000 cu fthbl, and methane gas. 
Thus, Z = 87 cu (7 = 52 pi) 

Z , = 1 9 c U ( Z = 2 4 O p )  
C, = 6.9 cu (Z = 660 pi) 
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Figure 5-111. Chart for finding Zw from equivalent water salinity and 
formation temperature [199]. 

Figure 5-112, and then Figure 5-113 can be entered. Once all of the parameters 
have been found, Equation 5-119 is used to find Sw. 

Applications. Pulsed neutron logs are most useful for monitoring changes in 
water saturation over time while a reservoir is produced. Initially, these logs 
are run prior to perforating a zone. Subsequent logs are run every few months 
(or years) depending on production rate and the amount of control desired. 
Water saturation is calculated for each run using Equation 5-119 and subtracted 

(text continued on page 190) 
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Flgure 5-112. Chart for converting Zgas to Zmethane [217]. 
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Flgure 5-113. Charts for finding Zh (for methane and liquid hydrocarbons) 
from reservoir pressure and formation temperature (gas) or solution gas oil- 
ratio (GOR) and API garavity (liquid 7 hydrocarbons [199]. 
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(text continued f m m  page 187) 

from saturations determined from earlier runs. These values (ASw) show the 
change in the position of the water table (hydrocarbon-water contact) versus time. 

Another application is monitoring residual oil saturation in waterflood 
projects. The procedure outlined by Bateman [217] involves first running a base 
log (prior to injection). Next, salt water is injected and another log is run. Then 
fresh water is injected and another log run. If Ebrine and Zhsh are known, 
Bateman [217] suggests using: 

(5-120) 

to find residual oil saturation (So,) Additional details of estimating So= are 
given later. 

The main problem with using these logs is the presence of shale. Shale 
normally appears wet, and shale will make a reservoir look like it has higher 
Sw. Openhole logs and an NGS log are needed to confirm this interpretation 
although shaly sand corrections can easily be made [217]. 

Gamma Spectroscopy Tools (GST). Also known as the carbon-oxygen log, this 
device has recently been incorporated into pulsed neutron tools to aid in 
differentiating oil and gas from water. GST tools operate with the same neutron 
generator as the pulsed neutron devices, but gamma rays returning from the 
formation are measured. 

Two types of gamma rays are produced when neutrons are fired into 
a formation: 

1. Those that result from neutron capture by chlorine and boron. 
2. Those that result from inelastic collisions with atoms. 

The detector on this tool has energy windows set to receive certain returning 
gamma rays [218]. The detectors are protected from the fast neutron source by 
an iron shield, and from returning thermal neutrons by a boron shield. 

The energy of the returning gamma rays depends on the atom involved in 
the collisions. The atoms of interest include carbon, oxygen, silicon, and calcium. 
Carbon-oxygen ratio is a carbon indicator and when combined with porosity, 
gives an estimate of water saturation if matrix lithology is known. Figure 5-114 
is used for this determination. Silicon-calcium ratio is an indicator of matrix 
and is used to distinguish oil-bearing rock from calcareous rocks (such as limy sands 
and limestones) [218,219]. Figure 5115 is an example of a carboncarygen log. 

If capture gamma rays are also detected with separate energy windows, 
chlorine and hydrogen content can be determined and related to formation water 
salinity. Figures 5-116 and 5-117 are used for this purpose. All that is required 
to estimate salinity of formation waters is knowledge of borehole fluid salinity, 
Cl/H ratio, and response mode of the tool. These devices should not be confused 
with the natural gamma spectroscopy log which only measures naturally-occurring 
gamma rays. 

The readings on the GST log are not affected by shale although carbonaceous 
shales can cause trouble because of the sensitivity to .carbon. Usually, however, 
these effects can be calibrated for or taken into account when this log is 
interpreted. Much of the interpretation of this type of log is based in regional 
experience; the analyst should have a good idea of the types of rocks present 
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Figure 5-114. Chart for finding water saturation using the carbon-oxygen 
ratio curve and porosity if matrix lithology is known 11991. 

before trying to make an interpretation. No  lithology crossplot charts are 
presently available to estimate lithology with these logs. 

Natural Gamma Spectroscopy. This log operates in the same manner as its 
openhole counterpart. The main difference is that the log should be calibrated 
prior to being run in cased holes. No correction charts are currently available 
for cased hole applications with this device. Curve presentations are the same 
as for the open-hole version. Refer to the open-hole section for a discussion of 
this log. 
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Figure 5-115. Carbon-oxygen and silicon-calcium ratio curves on a carbon- 
oxygen log. 



Formation Evaluation 193 

Apparent Water Salinity Determination 
from GST" Gamma Spectrometry Log-Inelastic Mode 

CIM, Chlorine-Hydrogen Salinity Ratio 

Figure 5-11 6. Chart for finding apparent water salinity from chlorine-hydrogen 
ratio and borehole fluid salinity from a GST log (in elastic mode) [199]. 

Cased-Hole Completion Tools. These tools examine cement bond and casing 
quality They assure that no leakage or intercommunication will occur between 
producing horizons, or between water-bearing horizons and producing horizons. 
The most common completion tools include: 

1. Cement bond logs (CBL). 
2. Multifingered caliper logs. 
3. Electromagnetic inspection logs. 
4. Electrical potential logs. 
5. Borehole televiewers. 

Cement bond logs (CBL-VDL). Cement bond logs are used to check cement bond 
quality behind the casing and to estimate compressive strength of the cement. 
It can also be used to locate channeling in the cement or eccentered pipe and 
to check for microannulus. 

Theory. The cement bond tool is the same as a conventional sonic tool except 
that the receiver spacings are much larger. It consists of a transmitter and two 
receivers. The near receiver is 3 ft below the transmitter and is used to find At 
for the casing. The far receiver is 5 ft below the transmitter and is used for the 
variable density log (VDL) sonic-waveform output. The operation is the same 
as a conventional sonic except that the transmit time (one way) is measured. 
The transmitter is fired and a timer is triggered in both receivers. The wave 
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Apparent Water Salinity Determination 
from GSF Gamma Spectrometry Log-Capture-Tau Mode 

10-in. (255-mm) Borehole, 
7 5/8-in. (194-mm) Casing 
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TTl- 
C3Schlumberger - 
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5'/2-in. (Ia-rnrn) Casing 
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CVH, Chlorine-Hydrogen Salinity Ratio CVH, Chlorine-Hydrogen Salinity Ratio 

Flgure 5-117. Chart for finding apparent water salinity from chlorine-hydrogen 
ratio and borehole fluid salinity derived from a GST log (Tau-capture mode) [199]. 

passes through the fluid in the casing, the casing, and the cement, and into 
the formation. The near receiver measures the first arrival of the compressional 
wave and the timer is shut off. This At is a function of whether the casing has 
cement behind it or not. 

The sound wave is then picked up by the lower receiver which recognizes 
refracted compressional wave arrivals from the casing, cement, and formation, 
as well as Rayleigh, Stonely, and mud-wave arrivals. Figure 5-118 shows the basic 
tool configurations. 

The most important parameter measured by this tool is compressive-wave 
attenuation-rate. This parameter is a function of the amount of cement present 
between the pipe and formation. Typically, cement must be at least in. thick 
on the casing in order for attenuation to be constant [217]. Each part of the 
log reads different attenuations. The CBL registers attenuation of the compres- 
sional wave in the cement and casing which gives an indication of the cement- 
casing bondquality. The VDL registers the attenuation of the compressional wave 
through casing, cement, and formation which gives an indication of acoustic 
coupling between casing, cement, and surrounding rock. This indicates not only 
the casing bond quality but also the cement-formation-bond quality 

The basic parameter used to evaluate cement bonds is called the bond in&x 
and can be calculated by: 
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Figure 5-11 8. Transmitter-receiver arrangement and surface equipment for 
cement bond log-variable density log combination [220]. 

attenuation in zone of interest (db/ft ) 
attenuation in a well cemented section(db/ft) 

bond index = (5-121) 

Bond index gives a relative way to determine bond quality through any given 
section of pipe. The minimum value of bond index necessary for a good 
hydraulic seal varies from region to region, and depends on hole conditions 
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and type of cement used. Ideally, an index of 1.0 indicates excellent pipecement 
bonding; decreasing values show deteriorating conditions which may require 
squeezing to bring bonding up to acceptable standards. A bond index curve may 
be presented in track 2.  

Log Presentations. Figure 5-1 19 shows a CBLVDL log. Typically, three curves 
(and sometimes more, depending on the service company) are presented on the 
log. Track I contains total travel time. This is total one-way travel time and is a 
function of the casing size and tool centering. Other curves may be presented 
in this track, including gamma ray, neutron, and casing collar locator logs. Track 
2 contains the cement bond logs amplitude curve. The log is scaled in millivolts 
and is proportional to the attenuation of the compressional-wave first-arrivals. 
High attenuation produces low-amplitude values; low attenuation produces high- 
amplitude values. The higher the amplitude, the poorer is the casing-to-cement 
bond. Direction of increasing amplitude is normally indicated by an arrow. Some 
presentations also include a bond index curve in track 2. Track 3 contains the 
variable density log (VDL) display. The most common presentation is dark- and 
light-colored bands that represent the peaks and valleys of the wave train. Figure 
5-1 19 shows two possible types of arrivals: 

CEMENT BOND LOB 
F E U F Z i , F  T-+h I Amplituda 

I 1 8 , . . I : . ! ( I  
C-L I I - I 

Figure 5-119. Basic CBL-VDL log presentation [220]. 
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1. Those from the casing which appear as straight, parallel light and dark 
bonds intermittently broken by small V-shaped spikes which indicate the 
position of casing collars. 

2. Those from the formation which appear as wavy, irregular, and intermittent 
light and dark bands which represent curve attenuation in the rock sur- 
rounding the borehole. 

Interpretation. Interpretation of CBGVDL logs involves recognition of basic 
curve pattern for determining whether casing is properly bonded or not. These 
curve patterns are presented in Figures 5-120 to 5-123. Four basic types of 
patterns are apparent: 

1. Those that show strong casing arrivals only. 
2. Those that show strong casing and formation arrivals. 
3. Those that show weak casing arrivals and strong formation arrivals. 
4. Those that show both weak casing and weak formation arrivals. 

Strong casing arrivals are shown in Figure 5-120 and are characterized by the 
pronounced casing arrival pattern (straight, alternating light and dark bands). 
No formation arrivals are present and cement-bond log-amplitude is moderate 

Figure 5-120. CBL-VDL log run in free pipe [220]. 
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1 TOTAL TRAVEL TINE 

Figure 5-121. CBL-VDL log run in casing eccentered in borehole making 
contact with the formation [220]. 

to high. These indicate free pipe with no cement or cement-casing-formation 
coupling. A high amplitude curve reading indicates low attenuation, hence no 
cement in the annulus . 

Strong casing and formation arrivals are shown in Figure 5-121. This pattern 
has both the clean, pronounced casing signature as well as a strong, wavy- 
formation signature. The lack of cement is indicated by the high cement bond 
log-amplitude (Le., no cement attenuation). The combination of these signals 
is inter reted as eccentered casing in contact with the wall of the well-bore. In 

Weak-casing and strong-formation arrivals are shown in Figure 5-122. This 
pattern shows no apparent casing or very weak casing patterns and very strong 
formation-patterns nearly filling the VDL in track 3. This indicates good casing- 
cement formation bonding, confirmed by the low cement bond log amplitude 
(high attenuation). Rayleigh and mud wave arrivals are also apparent along the 
right side of track 3. 

Weak-casing and weak-formation arrivals are shown in Figure 5-123. This 
pattern shows what appears to be a slightly attenuated casing pattern but the 
cement bond log amplitude suggests otherwise. The curve indicates strong to 

this sit 5 tion, proper cementation may be impossible. 
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Figure 5-122. CBL-VDL log run in well-bonded casing [220]. 

very strong attenuation due to cement. Strongest attenuation occurs at "A" with 
a very weak formation pattern on the VDL. Comparison with the open-hole VDL 
(immediately to the right) shows no unusual attenuations of the formation signal. 
This also confirms poor acoustic coupling between cement and formation with 
good coupling between casing and cement. 

Other possible interpretations for this type of pattern are possible. 

1. Gas in the mud can be ruled out by examining long intervals of the log. 
Generally, this effect will occur over long rather than short sections in 
the well. 

2. Eccentered tool in the casing, which causes destructive interference of 
compressive-wave first-arrivals, can be confirmed by checking for wiggly 
casing arrivals or a slight decrease in the casing-arrival time shown on the 
total-transit-time curve or VDL log [220]. 

3. Thin cement sheaths, caused by excessive mud cake thickness along 
a permeable formation, are a problem when cement sheaths are less than 
3/4 in. thick (which allows stronger casing arrivals). At times, the cement 
and formation have a slight acoustic coupling which gives the VDL a faint 
or weak formation signal. 
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Figure 5-123. CBL-VDL log run in casing with a good cement-casing bond 
and a poor cement-formation bond [220]. 

Microannulus or Channeling in Cement. Microannulus occurs when the cement 
is emplaced and the casing is pressurized. When pressure is released after the 
cement has set, the casing “pops” away from the cement sheath. This generates 
a gap or microannulus between the casing and the cement. This can also occur 
if excessive pipe dope or varnish is present on the pipe. Microannulus due to 
pressurization primarily occurs opposite washed out portions of the borehole. 

Channeling occurs when cement is in the annulus but does not completely 
surround, or is not bonded to, the pipe. This condition will not have proper 
fluid seal which allows oil, gas or water to pass up the hole outside the casing. 
Microannulus, on the other hand, may have a proper seal even though a small 
gap exists. It is very important to be able to distinguish between microannulus 
and channeling; squeezing may eliminate the channel altogether. 

Figure 5-124 shows a case of microannulus. Figure 5-124a shows strong to weak 
casing-bond on the CBL amplitude and weak formation-arrivals on the VDL. 
This indicates poor acoustic coupling between casing, cement, and formation. 
The weaker the formation signal, the more pronounced the microannulus. 

Microannulus can be easily differentiated from channeling by: 

1. Pressurizing the pipe and rerunning the CBI-VDL. Microannulus conditions 
are confirmed by strengthened formation signals on the VDL and decreased 
CBL amplitude indicating better casingcement acoustic coupling. Typically, 
channeling will produce little or no improvement in the signal when the 
casing is pressurized. Figure 5- 124b shows a case of stronger formation 
arrivals indicating the presence of microannulus rather than channeling. 
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Figure 5-124. CBL-VDL log showing effects of microannulus and the change 
in signal strength on VDL in pressured and nonspressured pipe [220]. 

2. Microannulus tends to occur over long intervals of the log; channeling is 
a localized phenomena. This is a result of microannulus being directly 
related to pipe expansion during cementing operations. 

Once the log has been interpreted, remedial measures can be applied as 
necessary. 

Multifingered Caliper Logs. These logs incorporate up to 64 feelers or scratchers 
to examine pipe conditions inside the casing. Specifically, they can be combined 
with other logs to check 

1. Casing collar locations. 
2. Corroded sections of pipe. 
3. Casing wear. 
4. Casing cracks or burstings. 
5. Collapsed or crushed casing. 
6. Perforations. 
7. Miscellaneous breaks. 

The number of feelers is a function of pipe diameter; smaller diameter pipe 
requires fewer feelers on the tool. 

Electromagnetic Inspection Logs. This device induces a magnetic field into the 
casing and measures the returning magnetic flux. In general any disturbance 
in the flux from readings in normal pipe can be used to find: 
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1. Casing collars. 
2. Areas of corroded pipe. 
3. Perforations. 
4. Breaks or cracks in the pipe. 

This tool only records if corrosion has occurred on the pipe, not whether it 
is currently taking place. It does give an indication of casing quality and integrity 
without removing the pipe from the hole. The principle behind this tool is the 
same as the magna flux device used to detect flaws in metals in a machine shop. 

Electrical Potential Logs. Similar in some respects to an SP log, this tool 
measures the potential gradient of a DC current circulating through a string of 
casing. This current is applied to provide the casing with cathodic protection 
thereby preventing casing corrosion; any deviation from a negative field suggests 
that the pipe is not receiving proper protection and is probably being corroded. 
Combined with an electromagnetic inspection log, areas currently undergoing 
corrosion as well as having a relative amount of damage can be determined 
with ease. 

Borehole Televiewers. This tool incorporates an array of transmitters and 
receivers to scan the inside of the casing. The signals are sent to the surface 
where they are analyzed and recorded in a format that gives a picture of the 
inside of the casing. Any irregularities or cracks in the pipe are clearly visible 
on the log presentation. This allows engineers to fully scan older pipe and get 
an idea of the kind and extent of damage that might not otherwise be readable 
from multifinger caliper, electromagnetic inspection, or electrical potential logs. 
The main drawback to this device is that it must be run in a liquid-filled hole 
to be effective. 

Production Logs. Production logs are those devices used to measure the nature 
and behavior of fluids in a well during production or injection. A Schlumberger 
manual [221] summarizes the potential benefits of this information: 

1. Early evaluation of completion efficiency. 
2. Early detection of disturbances which are not revealed by surface measure- 

ments (i.e., thief zones, channeled cement, plugged perforations, etc.). 
3. Detailed information on which zones are producing or accepting fluid. 
4. More positive monitoring of reservoir production. 
5. Positive identification of encroachment, breakthrough, coring, and mechan- 

6. Positive evaluation of injection efficiency. 
7. Essential guidance for remedial workover and secondary or tertiary recovery 

ical leaks. 

projects. 

The reader is referred to the Schlumberger volume [221] on production log 
interpretation for examples of various cased-hole-log situations. It is still free 
upon request . 

The types of logs run include: 

1. Temperature 
2. Manometer and gradiomanometer 
3. Flow meters 
4. Radioactive tracers 
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Devices that measure water-holdup are also available. These logs can be run 
singly or in combination on a production combination tool so that a number 
of parameters may be recorded on the same log sheet. 

Temperature Log. A thermometer is used to log temperature anomalies produced 
by the flow or fluid inside the casing or in the casing annulus. It is used to 
help determine flowrates and points of fluid entry or exit, and is, perhaps, most 
useful for finding fluid movement behind the casing. 

injection Wells. Figure 5-125 is the response of the temperature log when fluid 
is being injected into a reservoir. The sloping portion defines the geothermal 
gradient the vertical portion defines the zone taking the water and is a function 
of the geothermal gradient as well as the injection fluid temperature. Below 
the sloping position, the temperature/curve rapidly returns to normal formation 
temperature and the geothermal gradient. The vertical portion of the log clearly 
indicates where the fluid is leaving the casing. 

Production Wells. Figure 5-126 is the response of the temperature log when 
fluid is flowing into a well from perforations in the casing. Three curves are 
presented. This figure shows that curve response depends on whether the fluid 
produced is hotter, the same as, or cooler than the geothermal gradient. If the 
fluid is hotter or cooler, then the entry point is obvious. If the fluid temperature 
is the same as the geothermal gradient, the change is so subtle that recognition 
of the entry point may be very difficult. In this case, a high resolution thermo- 
meter may be necessary to pinpoint the fluid entry location. 

Flow Behind Casing (Annular Flow). Figure 5-127 is a typical response to annular 
flow down the outside of the casing in a shut-in well. The figure shows water 
entering the annulus at about 6,500 ft. Perforations are at -8,500 ft. 

In a producing well, the shape of the curve defines the top of the annular 
space and its relationship to the perforations. 

Manometers and Gradiomanometers. Manometers are pressure-sensitive devices 
used to measure changes in pressure that result from: 

1. Leaks in tubing or casing. 
2. Fluid inflow through perforations. 
3. Gradient measurements in a static mud column. 

They are particularly useful for determining pressure opposite a gas-bearing 
horizon. This value is vital for calculating open-flow potentials in gas wells. 

Gradiomanometers are used to check the difference in pressure over a 2-in. 
interval in a producing well. This is then related to water-holdup in polyphase 
fluid flow within the casing. 

The pressure difference is converted to density and is used to interpret two- 
phase flow (usually consisting of water as the heavy component and oil as the 
lighter component). At any given level, the gradiomanometer measures the 
specific gravity (density) of any fluids entering the borehole. The log reading 
is related to water holdup and specific gravity by: 

(5-1 22) 

where ~gradiom.nomeler = specific gravity reading of the gradiomanometer, g/cc 
p, = specific gravity of the formation water, g/cc 
p, = specific gravity of the oil being produced with the water, 

Y, = water holdup (or holdup of the heavy phase) 
idcc 
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Figure 5-125. The effect of water injection on a temperature log for several 
injection water temperatures [221]. 

The specific gravity reading is not exclusively dependent on fluid density. 
Since the fluids are also flowing while measurements are being made, other 
terms must be added 

PP- =pXl.O + K + F) (5-123) 

where pgrdompDomem = specific gravity reading of the instrument, g/cc 
pf = specific gravity of the fluid in the casing (oil + water + gas), 

k = a kinetic term 
F = a friction term from fluid flowing around the tool 

g;/cc 
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Figure 5-126. Temperature logs in a producing interval for formation fluids 
with different temperatures [221]. 
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Figure 5-127. Temperature log showing water flow behind the casing. Water 
is flowing down to the producing interval [221]. 

At flow rates less than 2,000 bopd, F is negligible and p+ = pr [221]. The 
kinetic term is important when logging from tubing into the casing. Fluid velocity 
changes become significant at the change in hole diameter. The change causes 
a sharp pressure increase on the log. The friction term is important at high 
flow rates in casing and when logging in small-diameter tubing or casing [221]. 

Another log similar to the gradiomanometer is the water-holdup meter. The 
main limitation is that it only reads water holdup and cannot be used if water 
is not present. It has the advantage over the gradiomanometer where sensitivity is 
required; small differences in density may not be seen by the gradiomanometer. 

Flowmeters. Flowmeters are designed to measure fluid flow in the casing. This 
measurement is then related to volume of fluid being produced. Three types 
of flowmeters are available: 

1. Fullbore-spinner flowmeter. 
2. Continuous flowmeter. 
3. Packer flowmeter. 

Each is used in certain circumstances and is combinable with other devices 
so that improved flow rates can be obtained. 

Fullbore-Spinner Flowmeter. This device measures velocities of fluid moving 
up the casing. These velocities are then related to volume of fluid moved with 
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charts available from the various service companies. In general, this tool can 
be used at flow rates as low as 20 barrels per day in monophase flow situations 
(usually water). Polyphase flow raises this minimum to 300 barrels per day if 
gas is present (i.e., oil and water) in 5 in. casing. This tool is used in wells 
with hole diameters ranging from 5 '/s to 9 5/8 in. 

Continuous Flowmeter. This tool is similar to the fullbore-spinner flowmeter 
except that it can be applied to hole diameters between 3 '/4 in. and 6 5/8 in. 11 
has a higher flow threshold (in barrels per day) and should be restricted to use 
in monophase flow situations (i.e., waterfloods, high-flow-rate gas wells, and 
high-flow-rate oil wells) [221]. It can be combined with a spinner flowmeter for 
better flow measurements. 

Packer F/owmeter. 'This is a small spinner-flowmeter with an inflatable packer 
that can be used in small-diameter tubing (1 11/16 to 2 I/s in.) . It has an operable 
flow range from 10 to 1,900 barrels per day an can be applied in low-flow wells 
as long as measurements are made in the tubing at a sufficient distance above 
the perforations. Flow measurements are related to volume of fluid flowing the 
same way found with the other spinner flowmeters. 

Radioactive Tracers. Radioactive tracers axe combined with cased hole gammaray 
logs to monitor: 

1. Fluid velocities in monophase fluid flow situations where flow velocity is 

2. Fluid movement behind the casing or to locate channeling in the cement. 

Fluid velocity is measured by velocity-shot analysis. A shot of radioactive fluid 
is injected into the flow stream above two detectors located on a stationary 
mammary tool. As the radioactive pulse moves down the hole, the amount of 
time required to move past the two detectors is measured. This travel time is 
then related to flow rate in the casing by: 

at or near the threshold for spinner flowmeters. 

B/D x 256.5 - 
12(m.) 4 1M( in.' ) ft "m1n 
l(ft) spacing(in.) x x -(dh - d,, )(in? ) x 

time( sec ) x - 
60( sec) 
l(min) q(B/D) = 

(5-124) 

where q is flow rate in barrels per day, the spacing between detectors is in in., 
the time between detector responses is in seconds, d,, is the hole diameter in 
in., and dhd is the tool diameter in in. 

The man limitation is that slippage and water-holdup factors seriously affect 
the time reading so this technique cannot be applied in production wells. 
Moreover, the production of radioactive material is not desirable; therefore, use 
is mainly restricted to water- or gas-injection wells [221]. 

Fluid movement behind the casing can be measured with a timed-run radio- 
active survey. A slug of radioactive fluid is introduced at the bottom of the 
tubing, and movement is then monitored by successive gamma-ray log runs. 
Unwanted flow up any channels in the cement can be easily determined and 
remedial action taken. Again, this technique is mainly applied to water injection 
wells to monitor flood operations and injection-fluid losses. Figure 5-128 is an 
example of this type of application. 
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Figure 5-128. Radioactive tracer survey in an injection well where water is 
flowing behind the casing into another zone [221]. 

Deterrnlnation of lnltial Oil & Gas in Place 

Initial Oil in Place 

For undersaturated crude, the reservoir contains only connate water and oil 
with their respective solution gas contents. The initial or original oil in place 
can be estimated from the volumetric equation: 

7,758V,$(Sm) - 7,758Ah$(l-S,) N =  - 
Boi Bm 

(5-125) 
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The constant 7,758 is the number of barrels in each acre-ft, V, is bulk volume 
in acre-ft, $ is the porosity, (QV, is pore volume), S, is the initial oil saturation, 
B, is the initial oil formation volume faaor in reservoir barrels per stock tank barrel, 
A is area in ft2, h is reservoir thickness in ft, and S, is the initial water saturation. 

In addition to the uncertainty in determining the initial water saturation, the 
primary difficulty encountered in using the volumetric equation is assigning the 
appropriate porosity-feet, particulary in thick reservoirs with numerous non- 
productive intervals. One method is to prepare contour maps of porosity-feet 
that are then used to obtain areal extent. Another method is to prepare isopach 
maps of thickness and porosity from which average values of each can be 
obtained. Since recovery of the initial oil can only occur from permeable zones, 
a permeability cutoff is used to obtain the net reservoir thickness. Intervals with 
permeabilities lower than the cutoff value are assumed to be nonproductive. 
The absolute value of the cutoff will depend on the average or maximum 
permeability, and can depend on the relationship between permeability and 
water saturation. A correlation between porosity and permeability is often used 
to determine a porosity cutoff. In cases in which reservoir cores have been 
analyzed, the net pay can be obtained directly from the permeability data. When 
only logs are available, permeability will not be known; therefore a porosity 
cutoff is used to select net pay. These procedures can be acceptable when a 
definite relationship exists between porosity and permeability. However, in very 
heterogeneous reservoirs (such as some carbonates), estimates of initial oil in 
place can be in error. A technique [222] has been proposed in which actual 
pay was defined using all core samples above a specific permeability cutoff and 
apparent pay was defined using all core samples above a specific porosity cutoff; 
the relationship between these values was used to find a porosity cutoff. 

Initial Gas In Place 

For the foregoing case of an undersaturated oil (at the bubble point with no 
free gas), the gas in solution with the oil is: 

7,’758AhQ(l -S,)R, 
G =  (5-126) B, 

where G is the initial gas in solution in standard cubic feet (scf), R, is gas 
solubility in the oil or solution gas-oil ratio (dimensionless), and the other terms 
are as defined in Equation 5-125. 

Free Gas In Place 

Free gas within a reservoir or a gas cap when no residual oil is present can 
be estimated 

7,758Vg$(1 - S,) 
G =  (5- 1 27) 

B, 

where 7,758 is the number of barrels per acreft, V, is the pore volume assigned 
to the gas-saturated portion of the reservoir in acre-ft, B, is the initial gas 
formation volume factor in RB/scf, and the other terms are as already defined. 
(Note: If the formation volume factor is expressed in ft*/scf, 7,758 should be 
replaced with 43,560 ftJ/acre-ft.) 
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Productivlty Index 

The productivity index, J, is a measure of the ability of a well to produce 
hydrocarbon liquids: 

9. 
P. - Pllf 

J, =- (5-128) 

where is the flow rate of oil in stock-tank barrels of oil per day, p, is the 
external pressure in psi, Pw, is the flowing bottomhole pressure in psi, and the 
quantity (p, - p,) is referred to as the pressure drawdown. Because the flow 
rate in this case is in STB/D, the oil productivity index u,) has units of STB/ 
D/psi. Since only q and pwr can be measured directly, p, is commonly replaced 
with 

After the well has been shut in for a period of time (usually at least 24 to 72 
hours or longer depending on reservoir characteristics), the well is put on 
production at a low rate with a small choke. The rate of production is recorded 
as a function of flow time. When the production rate has stabilized, the flow 
rate is increased by increasing the choke, and flaw rate is monitored with time. 
This process is repeated until a series of measurements has been recorded [19]. 

In order to attain a stabilized productivity index, a minimum time is required 
after each individual flow-rate change. This time can be approximated by two 
equations [66,197]: 

which can be determined from pressure transient testing. 

(5-129) 

(5-1 30) 

where t, is the stabilization time in hours, k is the permeability in md, I$ is the 
porosity as a fraction, p is viscosity in cp, c, is total compressibility in psi-’, A 
is area in ft*, and re. is the external radius in feet which should be based on 
the distance to the farthest drainage boundary for the well. For large systems 
or reservoirs with low permeability, very long stabilization times may be required. 

Equation 5-128 assumes that productivity index does not change with flow 
rate or time, and in some wells the flow rate will remain proportional to the 
pressure drawdown over a wide range of flow rates. However, in many wells, 
the direct relationship is not linear at high flow rates as shown in Figure 5-129. 
The causes for the deviation in the straight-line behavior can include insufficient 
producing times at each rate, an increase in gas saturation near the wellbore 
caused by the pressure drop in that region, a decrease in permeability of oil 
due to the presence of gas, a reduction in permeability due to changes in 
formation compressibility, an increase in oil viscosity with pressure drop below 
the bubble point, and possible turbulence at high rates of flow. 

A plot of oil production rate versus bottomhole pressure, termed the inflow 
performance relationship (IPR), was proposed as a method of analysis of flowing 
and gas-lift wells [223]. Vogel [224] calculated dimensionless IPR curves for 
solution gas reservoirs that covered a wide range of oil PVT and relative 
permeability characteristics. From computer simulations, Vogel [224] showed that 
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Figure 5-129. Productivity index [197]. 

any solution gas drive reservoir operating below the bubble point could be 
represented as shown by Figure 5-130 or by the following relationship: 

(5-131) 

where Q is the oil flow rate in STB/D occurring at bottomhole pressure pWr, 
(qo)mm is the maximum oil flow rate in STB/D, pWf is the flowing bottomhole 
pressure, and is the average reservoir pressure. From the well pressure and 
average reservoir pressure, the ratio of producing rate to maximum oil rate can 
be obtained; then from the measured production rate, the maximum oil pro- 
duction can be calculated. 

Vogel’s method handles the problem of a single well test when the per- 
meability near a wellbore is the same as the permeability throughout the 
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Figure 5-130. Vogel IPR curve [224]. 

reservoir. When a zone of altered permeability exists near the wellbore, the 
degree of damage (or improvement) is expressed in terms of a “skin effect” or 
“skin factor.” (Skin effect will be discussed in more detail later.) A modification 
to Vogel’s IPR curves has been proposed by Standing [225] for situations when 
a skin effect is present (see Figure 5131). In this figure, Standing has provided 
a series of IPR curves for flow efficiencies between 0.5 and 1.5, where flow 
efficiency ,(FE) is defined as: 

- 
FE = P-Pwf-AP‘ - 

P-Pwf 
(5-1 32) 

where j5 is the average reservoir pressure, Pwf is the flowing bottomhole pressure, 
and Ap, is the pressure drop in the skin region. Thus, the Vogel curve is for a 
flow efficiency of 1.0. 
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Figure 5-131. Standing’s modification to IPR curves [225]. 

For reservoir systems operating below the bubble point when f hid properties 
and relative permeabilities vary with distance from the wellbore, Fetkovich 
[226] has proposed an empirical equation which combines single-phase and two- 
phase flow: 

90 = J:(P~ -P;Y + J O ( P . - P ~ )  (5-133) 

where pb is the bubble-point pressure in psia, j5 may be substituted for p,, JA is 
a form of productivity index and n is an exponent; both JA and n are determined 
from individual well multirate and pressure tests, or isochronal tests. For cases 
where the data required by the Fetkovich procedure are not available, a method 
for shifting the axes of the Vogel plot has been proposed [227]. In this latter 
method, only one set of production test data (rate and bottomhole flowing 
pressure) together with the shut-in bottomhole pressure (or average reservoir 
pressure) and bubble-point pressure are required to construct a reliable IPR. 
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PRESSURE TRANSIENT TESTING OF OIL AND GAS WELLS 

Production rates depend on the effectiveness of the well completion (skin 
effect), the reservoir permeability, the reservoir pressure, and the drainage area. 
Pressure transient analysis is a powerful tool for determining the reservoir 
characteristics required to forecast production rates. Transient pressure data are 
generated by changing the producing rate and observing the change in pressure 
with time. The transient period should not exceed 10% of the previous flow or 
shut-in period. There are a number of methods to generate the transient data 
available to the reservoir engineer. 

Single-well tests such as buildup, falloff, drawdown, injection, and variable- 
rate describe the isotropic reservoir adjacent to the test well while multiple well 
tests such as long term interference or short term pulse describe the char- 
acteristics between wells. Buildup and falloff tests are most popular because the 
zero flow rate is readily held constant. Drawdown and injection tests are run 
less frequently due to problems with maintaining a constant rate. Variable rate 
tests are useful when wellbore storage is a problem. Multiwell testing for 
characterizing anisotropic reservoirs has been popularized by the increased use 
of sophisticated simulation software. 

Definitions and Concepts 

Several excellent references on well test analyses are available [ 13,66,228], and 
a good discussion of difficulties in interpretation of data is available in a recent 
text [ 1971. From information in these references several definitions will be given, 
and the basic concepts of well test analysis will be summarized. More advanced 
concepts can be found in the foregoing references or in the extensive literature 
on this subject that has appeared in recent years. 

Definitions 

Transient Region. Flow regimes that occur at different flow times are shown 
in Figure 5-132 for a well flowing at a constant rate. The flowing bottomhole 
pressure is shown as a function of time on both linear and semilog plots. In 
the transient region, the reservoir is infinite-acting, and the flowing bottomhole 
pressure is a linear function of log At. This region is amenable to analysis by 
transient methods. and occurs for radial flow at flow times up to approximately 
t = $pcr:/O.O0264k, where field units are used t is time in hours, Q is porosity 
as a fraction, p is viscosity in cp, c is compressibility in psi-l, re is the external 
radius in ft, and k is permeability in md [131. 

Late-Transient Reglon. At the end of the transient region and prior to the 
semisteady-state period, there is a transitional period called the late-transient 
region (see Figure 5-132). There are no simple equations that define this region, 
but the late-transient period may be very small or practically nonexistent. 

Semisteady-State Region. If there is no flow across the drainage boundary 
and compressibility is small and constant, a semisteady- or pseudosteadystate region 
is observed in which the pressure declines linearly with time (see Figure 5-132). 
Pressures in the drainage area decrease by the same amount in a given time, 
and the difference between reservoir pressure and wellbore pressure remains 
constant during this period. For radial flow, semisteady-state flow conditions 
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start at a flow time of about t = ~pcr~/O.O0088k, in field units as already 
specified [13]. This region is suitable for reservoir limit tests in which reservoir 
size and distance to boundaries can be estimated. The most useful test to 
estimate reservoir limits is the drawdown test [ 1971; interpretation of reservoir 
limit tests can be difficult as discussed in the literature [197]. 

Steady-State Flow. At a constant flow rate for steady-state flow, the pressure 
at every point in the reservoir will remain constant with time. This condition is 
rarely encountered in most well test analyses; steady-state flow may be approached 
in reservoirs with strong water drives or in cases where reservoir pressure is 
maintained by gas injection or waterflooding. 

Buildup Tests. Pressure buildup tests are conducted by: (1) producing an oil 
or gas well at a constant rate for sufficient time to establish a stabilized pressure 
distribution, (2) ceasing production by shutting in the well, and (3) recording 
the resulting increase in pressure. In most cases, the well is shut in at the surface 
and the pressure is recorded downhole. In pumping wells, buildup tests can be 
made by: (1) pulling the rods and running a pressure bomb in the tubing, (2) 
by measuring pressure in the annulus from sonic measurements obtained with an 
echodevice, or (3) occasionally by using surfaceindicating gauges. The pressure 
buildup curve is analyzed for wellbore conditions such as damage or stimulation 
and for reservoir properties such as formation permeability, pressure in the 
drainage area, reservoir limits or boundaries, and reservoir heterogeneities. 

Drawdown Tests. Pressure drawdown tests are conducted by: (1) having an oil 
or gas well shut in for sufficient time to establish a stabilized pressure distribu- 
tion, (2) putting the well on production at a constant rate, and (3) recording 
the resulting decrease in bottomhole pressure. An ideal time to run a drawdown 
test is when the well is initially put on production because in addition to 
obtaining information on wellbore conditions and formation permeability, 
estimates of reservoir volume can be made also. A long, constant flow rate 
is required. 

Falloff Tests. Pressure falloff tests are conducted in injection wells and are 
analogous to the pressure buildup tests in producers. A falloff test consists of: 
(1) injecting fluid at a constant rate, (2) shutting in the well, and (3) recording 
the decrease in pressure. As long as the mobility ratio between the injected fluid 
and in-situ fluids is near unity, the analysis of pressure transient tests in injection 
wells is relatively simple. The equations used in producing well tests are 
applicable with the exception that the flow is taken to be negative for injection 
whereas flow is positive for production. 

Multiple-Rate Tests. The preceding tests apply to conditions in which the flow 
rate eithezf has been or is constant. In some cases, maintaining a constant flow 
rate may not be possible or practical. In other cases, regulatory agencies may 
require that wells, especially gas wells, be tested at various flow rates. Multiple- 
rate tests may be conducted at variable flow rates or a series of constant rates, 
and are applicable to buildup or drawdown tests in producers or falloff tests in 
injectors. If accurate flow rate and pressure data are obtained, information on 
permeability, skin, and reservoir pressure can be deduced. 

Interference Tests. In the prior tests, the pressure and flow rate applied to 
only one well at a time. With interference tests, two wells are involved. Inter- 
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ference tests are conducted by producing from or injecting into at least one well 
and observing the pressure response in at least one shut-in observation well. A 
change in rate (pressure) at the active producer or injector will cause a pressure 
interference at the observation well. A special form of multiple-rate testing is 
the pulse test in which the pressure caused by alternating periods of production 
(or injection) and shut-in periods is monitored at one or more observation wells. 
Multiple-rate tests are used to determine if wells are in communication with each 
other in the same reservoir as well as to provide estimates of formation 
permeability and the product of porosity and total compressibility. 

Miller-Dyes-Hutchinson (MDH) Plot. One of the most useful methods of 
pressure test analysis is that of Miller, Dyes, and Hutchinson [229]. The MDH 
method is a plot of bottomhole pressure versus log time on semilog paper. A 
schematic of an MDH plot for a pressure buildup test is depicted in Figure 5-133; 
the region is identified where MDH and Horner plots are applicable. 

Horner Plot. In the Horner plot [230] bottomhole pressure is plotted against 
log(t + At)/At. The Horner method should be applied only to infinite-acting 
reservoirs; for radial flow, the Horner plot will be a straight line. Several 
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conditions such as boundaries or changes in fluids or fluid properties, can cause 
the Horner plot to deviate from a straight line (see Figures 5-134 and 5-135). 

Skin Factor. The skin effect refers to a zone of altered formation permeability 
near a wellbore as a result of drilling, completion, or stimulation [231,232]. The 
extent of altered permeability is expressed in terms of a skin factor, s, which is 
positive for damage and negative for improvement. Skin factor can range from 
about - 5 for a hydraulically fractured well to a theoretical limit of infinity for 

5 n 

log [ ( t  t At ) /&]  

BOUNDARY 

5 n 

log [( t + At) /At 3 
INTERFERENCE 

log [ ( t  + A t ) / A t ]  

PACKER FA1 LURES 
PHASE SEPARATION 

' log [ ( t +  A t ) / A t ]  -1 

LATERAL INCREASE 
IN MOBILITY 

Figure 5-134. Downtrending Horner plots [13,180]. 
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Flgure 5-135. Uptrending Horner plots [13,180]. 

a severely damaged or plugged well. A schematic diagram of the pressure 
distribution near the wellbore of a damaged well is given in Figure 5-136. Effects 
of positive and negative skin are shown for the MDH plot in Figure 5-133. 

Wellbore Storage. Wellbore storage, also referred to as afterflow, wellbore 
loading or unloading, afterproduction, and afterinjection, will affect short- 
time transient pressure behavior. This phenomenion has more of an effect on 
pressure buildup than drawdown tests, and can be especially important in low- 
permeability formations or in gas wells. During a buildup test, a well is closed 
in at the surface, but fluid may continue to flow into the wellbore for some 
time which causes a lag in the buildup at early times. Various levels of wellbore 
storage are shown in the MDH buildup plot in Figure 5-133. Storage can obscure 
the transient period thus negating the value of a semilog plot. 

Concepts 

Most techniques used in the analysis of transient tests assume a single well 
operating at a constant flow rate in an infinite reservoir. At early times, a well 
transient is like a single well in an infinite reservoir, but at late times, effects 
of other wells aquifers, or reservoir boundaries can cause the pressure behavior 
to deviate from the infinite-acting assumption. Other common assumptions 
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include: horizontal flow, negligible gravity effects, a single fluid of small 
and constant compressibility, a homogeneous and isotropic porous medium, 
the Darcy equation is obeyed, and several parameters (including porosity, 
permeability, viscosity, and compressibility) are independent of pressure. 

Pressure transients arriving at the well following a rate change move through 
three regions on their way to the wellbore. Nearest the wellbore is the early- 
time region, ETR, where storage and skin effects dominate; next is the middle- 
time region, MTR, where the formation permeability is determined, and most 
distant i s  the late-time region, LTR, where drainage boundaries are sometimes 
observed (see Figure 5-137a for examples of a buildup test and Figure 5-137b 
for a drawdown test) [228]. As discussed earlier, the transient flow region (see 
Figure 5-132) is amenable to analysis by transient flow methods; this region 
consists of both the ETR and the MTR. The LTR can include the latetransient 
and the pseudosteady-state or semisteady-state regions. The crux of the analysis 
involves selecting the proper data to analyze. 

Middle-time data will plot as a straight line on semilogarithmic paper. The 
slope and the intercept of the MTR straight line are used to calculate reservoir 
permeability, skin factor, and average reservoir pressure. Semilogarithmic straight 
lines can occur in the ETR and the use of their slopes and intercepts results in 
unrealistic reservoir characteristics. Typically, improper use of injection well ETR 
data indicates a tight, fractured reservoir while use of producing well ETR data 
indicates damaged permeable rock when that is not at all the case. 

Flow conditions in the pseudosteady-state LTR occur when transients reach 
the no-f low drainage boundary during producing-well transient-tests. Flow 
conditions in the steady-state LTR occur when transients reach the constant 
pressure boundary in secondary recovery operations. The slope of a Cartesian 
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plot of an LTR drawdown can be useful in determining reservoir limits. Care 
should be taken to ensure that LTR data are not included in the MTR analysis. 

The ETR region is dominated by skin and storage effects close to the wellbore. 
Storage effects occur when surface and sandface flow rates are unequal such 
as an injection well that goes on vacuum when shut in or a gas well where gas 
compresses in the tubing due to afterflow following surface shut in. Conventional 
pressure transient analysis is dependent on a constant sandface flow rate during 
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the test period and since zero is an easy constant flow rate to maintain, wellbore 
storage is a frequent problem. The length of the storage period is increased 
by skin damage since damage acts as an area of reduced permeability around 
the wellbore. 

A logarithmic plot of the change in pressure, pi - pwF versus the test time, 
dT, provides a practical means of determining the end of the ETR and the 
beginning of the MTR semilogarithmic straight line. A logarithmic plot with a 
unit-slope line (a line with 45' slope) indicates storage effects. The proper MTR 
semilogarithmic straight line begins at 50 times the end of the unit slope, that 
is, wellbore storage effects cease at about one and a half log cycles after the 
disappearance of the unit-slope line. 

A logarithmic plot that exhibits a half-slope line (a line with a slope of 26.6') 
indicates a fractured wellbore. The proper straight line begins at 10 times the 
end of the half-slope line if the fractures are unpropped. Pressure drop at the 
start of the straight line is twice that at the end of the unit-slope line. Injection 
wells, acid jobs, or naturally fractured reservoirs are typical examples of the 
uniform flux, unpropped fractures. 

A well that has short, propped (infinite capacity) hydraulically induced 
fractures will exhibit the proper straight line at 100 times the end of the half- 
slope line. The pressure drop will be about 5 times that at the end of the half- 
slope line. 

Hydraulically stimulated wells in tight formations ( ~ 0 . 0 1  md) with long (finite 
conductivity) fractures never exhibit the proper straight line during a con- 
ventional transient test time period. As a practical matter, all production from 
tight gas wells occurs during the ETR. Type curves or computer simulation are 
required to successfully analyze this type of ETR data. The ETR can range to 
hundreds of years in tight gas wells with finite-conductivity fractures. 

Use of the logarithmic data plot to determine the start of the semilogarithmic 
straight line of course means that the ETR data must be recorded. Pressure 
changes need to be monitored by the minute and bottomhole pressure at the 
time of shut-in must be precisely determined. Occasionally a great deal of 
emphasis is placed on the accuracy of the pressure-measuring equipment when 
the emphasis should be on the clock. 

A problem in determining the initial pressure frequently arises when pressure 
buildup data from pumping wells are analyzed. A Cartesian plot of the early- 
time bottomhole pressure versus shut-in time should result in a straight line with 
the proper initial pressure at the intercept. 

Important Pressure Transient Analysls Equations 

permeability, k = 162.6 - SClB , md 
mh 

radius of investigation, ri = 

(5-134) 

(5-135) 

skinEactor (buildup), s = 1.151 1og(-)+3.23] k (5-136) 
$Pclr: 
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skin factor (drawdown), s = 1.151 log( 2) + 3.231 
W S f  

pressure drop due to skin, (Ap), = 0.869 ms 

average drainage area pressure, j5 = pwf + 
kh 

average pressure (steady - state), = pwf + kh 

(5-1 37) 

(5- 138) 

(5-139) 

(5-140) 

(5-132) 

For these equations, the following nomenclature is applicable: 
rate 
time 
formation volume factor 
viscosity 
thickness 
porosity 
total compressibility 
external drainage radius 
wellbore radius 
semilogarithmic MTR slope 
initiaI reservoir pressure 
flowing bottomhole pressure 
shut-in bottomhole pressure 
pressure drop across skin region 
MTR semilog intercept 

In the equation for skin factor during the pressure buildup, P, is measured just 
before shutting in the well, and plhr is obtained from the straight-line portion 
(extrapolated if necessary) of the buildup curve one hour after shut-in (see 
Figure 5-138a). Similarly, the straight-line portion of the drawdown data must 
be extrapolated to one hour if the data do not fall on the semilog straight-line 
(see Figure 5-138b). 

vpe-Curves 

While at least one author [197] questions the uniqueness of pressure-transient 
type-curves and others [66,180] state that type-curves should only be used when 
conventional techniques cannot be used, curve-matching techniques have recently 
received more widespread use. In some cases where conventional analyses fail 
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such as when wellbore storage distorts most or all of the data, type-curves may 
be the only means of interpretation of the pressure data. Typecurves developed 
by Ramey et al. [233-2351 and McKinley [236,23'7] for pressure buildup and 
constant-rate drawdown tests and by Gringarten [238] for vertically fractured 
wells are discussed in a recent monograph [228] Typecurves are used to estimate 
formation permeability, damage, and stimulation of the tested well as well as 
to identify the portion of the data that should be analyzed by conventional 
techniques. Families of type-curves for various conditions are available from the 
SPE book order department in Dallas. 
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MECHANISMS & RECOVERY OF HYDROCARBONS BY NATURAL MEANS 

Petroleum Reservoir Definltlons [17] 

Accumulations of oil and gas occur in underground traps that are formed by 
structural and/or stratigraphic features. A reservoir is the portion of the trap 
that contains the oil and/or gas in a hydraulically connected system. Many 
reservoirs are hydraulically connected to water-bearing rocks or aquifers that 
provide a source of natural energy to aid in hydrocarbon recovery. Oil and gas 
may be recovered by: fluid expansion, fluid displacement, gravitational drainage, 
and/or capillary expulsion. In the case of a reservoir with no aquifer (which is 
referred to as a volumetric reservoir), hydrocarbon recovery occurs primarily 
by fluid expansion, which, in the case of oil, may be aided by gravity drainage. 
If there is water influx or encroachment from the aquifer, recovery occurs mainly 
by the fluid displacement mechanism which may be aided by gravity drainage 
or capillary expulsion. In many instances, recovery of hydrocarbon occurs by 
more than one mechanism. 

At initial conditions, hydrocarbon fluids in a reservoir may exist as a single 
phase or as two phases. The single phase may be a gas phase or a liquid phase 
in which all of the gas present is dissolved in the oil. When there are hydro- 
carbons vaporized in the gas phase which are recoverable as liquids at the 
surface, the reservoir is called gas-condensate, and the produced liquids are 
referred to as condensates or distillates. For two-phase accumulations, the vapor 
phase is termed the gas cap and the underlying liquid phase is called the oil 
zone. In the two-phase ease, recovery of hydrocarbons includes the free gas in 
the gas cap, gas evolving from the oil (dissolved gas), recoverable liquid from 
the gas cap, and crude oil from the oil zone. If an aquifer or region of high 
water saturation is present, a transition zone can exist in which the water 
saturation can vary as a function of vertical depth and formation permeability. 
Water that exists in the oil- or gas-bearing portion of the reservoir above the 
transition zone is called connate or interstitial water. All of these factors are 
important in the evaluation of the hydrocarbon reserves and recovery efficiency. 

Natural Gas Reservoirs [17] 

For reservoirs where the fluid at all pressures in the reservoir or on the 
surface is a single gaseous phase, estimates of reserves and recoveries are 
relatively simple. However, many gas reservoirs produce some hydrocarbon liquid 
or condensate. In the latter case, recovery calculations for the single-phase case 
can be modified to include the condensate if the reservoir fluid remains in a 
single phase at all pressures encountered. However, if the hydrocarbon liquid 
phase develops in the reservoir, additional methods are necessary to handle these 
retrograde, gas-condensate reservoirs. 

Primary Recovery of Crude Oil 

Initial crude oil production often takes place by the expansion of fluids which 
were trapped under pressure in the rock. The expanding fluids may be gas 
evolving from the oil, an expanding gas cap, a bottom- or edge-water drive, or 
a combination of these mechanisms. After the initial pressure in the reservoir 
falls to a low value, the oil no longer flows to the wellbore, and pumps are 
installed to lift the crude oil to the surface. This mode of oil production is 
referred to as primary production. Recovery of oil associated with natural 
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reservoir energy varies with producing mechanisms that are broadly classified 
as: solution-gas or depletion drive, gas cap drive, natural water drive, gravity 
drainage, and compaction drive. In some reservoirs, production can be attributed 
mainly to one of the mechanisms; in other cases, production may result from 
more than one mechanism, and this is referred to as a combination drive. 

Statistical Analysis of Primary Oil Recovery 

Most of the producing mechanisms are sensitive to the rate of oil production; 
only the solution gas drive mechanism is truly rate-insensitive [ 1801. Primary 
recoveries are usually reported [180] to be less than 25% of the original oil in 
place by solution gas drive, 30% to 50% of OOIP for water drive, and can exceed 
75% of OOIP for gravity drainage in thick reservoirs with high vertical per- 
meabilities. For water drive reservoirs, primary recovery efficiency can be low 
if the initial water saturation is more than 5096, if permeability is low, or if the 
reservoir is oil-wet [180]. From a recent statistical analysis [239], primary recovery 
from carbonate reservoirs tends to be lower than for sandstones (see Table 5-29 
for recoveries by different drive mechanisms). Since primary recoveries tend to 
be lower for solution gas drive, these reservoirs are usually better candidates 
for waterflooding and will represent the bulk of the prospective candidates for 
enhanced oil recovery. 

In the United States, much of the primary production involves solution gas 
reservoirs. Thus, this mechanism will be emphasized in this chapter, but non- 
U.S. production may involve other mechanisms. The differences in recovery 
mechanisms are important if an engineer is to avoid misapplication of methods; 
this subject has been addressed in Reference 197. 

Table 5-29 
Prlmary Recovery Efficiencies 

Average prlmnry 
recovery efflciency 

Productlon mechanism Lithology State (% OOIP) 

Solution gas drive Sandstones California 
Louisiana 
Oklahoma 
Texas 7C, 8, 10 
Texas 1-7B, 9 
West Virginia 
Wyoming 

Solution gas drive Carbonates All 
Natural water drive Sandstones California 

Louisiana 
Texas 
Wyoming 

Natural water drive Carbonates All 

22 
27 
19 
15 
31 
21 
25 
18 
36 
60 
54 
36 
44 

From Reference 239. 
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Empirical Estimates of Primary Oil Recovery 

Several attempts have been made to correlate primary oil recovery with 
reservoir parameters [239-2421. Based on field data [241] from water-drive 
reservoirs, a statistical study [242] yielded the following empirical relationship 
for primary oil recovery: 

N, = (0.271910g k+0.25569Sw +0.135510gp, -15,380$ 

- 0.00035h+ 0.11403) 7 , 7 5 8 A h $ A  
B, ’I (5-141) 

where NP is oil production in STB, k is permeability in md, Sw is fractional water 
saturation, po is oil viscosity in cp, $ is fractional porosity, h is pay thickness in 
ft, A is a real extent in ft5, and Boi is the initial formation volume factor of oil 
in reservoir barrels per STB. Based on the first API study [240], correlations 
were developed for recoverable oil. For solution gas drive reservoirs, the 
recoverable oil (RO) in stock tank barrels per net acre-ft was: 

1.1611 0.0979 0.174 

RO = 3,2M[ MI- S,) ] [ 41 [Sw]o’37a[ E] 
Bob  p ob 

For water drive reservoirs, the correlation was: 

1.0422 0.0770 4.2159 

RO = 4,259[ $(I- s, ’ ] [ ”1 [Sw]4”go3[ E] 
B oi CI oi 

(5-142) 

(5143) 

In the second API study [239], analysis of 116 solution gas drive reservoirs gave 
the following equation: 

1.312 0.0816 0.249 

RO = 6,533[ @(I- S,) ] [ r] [Sw]o.46s[ y] 
Bob Pch 

(5-144) 

However, the second study concluded that none of the equatirms developed in either 
study was statistically appropriate to provide a valid correlation. Furthermore, no 
statistically valid correlation was found between oil recovery and definable 
reservoir parameters. The second study found that when reservoirs were separated 
by lithology, geographical province, and producing mechanism, the only reason- 
able correlations that could be developed were between recoverable oil and 
original oil in place. Even then, the correlations were of poor quality as indicated 
by Figure 5-139 which presents the best correlation for Texas sandstone natural- 
water-drive reservoirs. The average primary recovery for various groups of 
reservoirs at the average value of OOIP for each group is listed by production 
mechanism in Table 5-29 [239,243]. 

In view of the lack of suitable correlations, primary oil recovery for an 
individual reservoir must be estimated by one of three methods: (1) material 
balance equations in conjunction with equations for gas-oil ratio and fluid 
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Figure 5-1 39. Correlation of primary oil recovery for water-drive reservoirs [239]. 

saturations, (2) volumetric equations if residual oil saturation and oil formation 
volume factor at abandonment are known or estimated, and (3) decline curve 
analysis, if production history is available. Each of these methods for estimating 
primary oil recovery and gas recovery, when appropriate, will be discussed in 
the following sections. 

Primary Recovery Factors in Solution-Gas-Drive Reservoirs 

Primary recovery from solution-gas-drive reservoirs depends on: type of 
geologic structure, reservoir pressure, gas solubility, f hid gravity, f hid viscosity, 
relative permeabilities, presence of connate water, rate of withdrawal, and 
pressure drawdown. From a statistical study [244,245] the primary recovery 
factors in Table 5-30 were obtained for different oil gravities and solution gas- 
oil ratios in sands sandstones, limestones, dolomite, and chert. Based on work 
of the same type in 135 reservoir systems, Wahl [246] presented a series of 
figures that can be used to estimate primary recovery. One of these figures, 
for a condition of a 2 cp reservoir oil and a 30% connate water saturation, is 
reproduced in Figure 5-140. To use these figures the following is required oil 
viscosity at reservoir conditions, interstitial water saturation, bubble-point 
pressure, solution gas-oil ratio at the bubble-point pressure, and formation 
volume factor. 

MATERIAL BALANCE AND VOLUMETRIC ANALYSIS 

Methods of estimating hydrocarbons in place by volumetric methods were 
discussed. These estimates can be confirmed and future reservoir performance 
can be predicted with the use of material balance equations. In the most 
elementary form the material balance equation states that the initial volume in 
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Table 5-30 
Primary Recovery In Percent of 011 in Place 

for Depletion-Type Reservolrs 

Oil 
solutlon 011 

GOR gravity Sand or sandstones Limestone, Dolomlte or Chert 
fWbbi "API maximum average minimum maxlmum average mlnimum 

~~~~ ~ ~ ~ ~ 

60 15 12.8 8.6 2.6 28.0 4.0 0.6 
30 21.3 15.2 8.7 32.8 9.9 2.9 
50 34.2 24.8 16.9 39.0 18.6 8.0 

200 15 13.3 8.8 3.3 27.5 4.5 0.9 
30 22.2 15.2 8.4 32.3 9.8 2.6 
50 37.4 26.4 17.6 39.8 19.3 7.4 

600 15 18.0 11.3 6.0 26.6 6.9 1.9 
30 24.3 15.1 8.4 30.0 9.6 (2.5) 
50 35.6 23.0 13.8 36.1 15.1 (4.3) 

30 34.4 21.2 12.6 32.6 13.2 (4.0) 
50 33.7 20.2 11.6 31.8 12.0 (3.1) 

- - - - - - 1,000 15 

- - - - - - 2,000 15 
30 
50 40.7 24.8 15.6 32.8 (14.5) (5.0) 

- - - - - - 

From Reference 245. 

FORMATION VOLUME FICTOR 

Figure 5-1 40. Estimates of primary recovery for a solution-gas-drive reservoir 
[246]. 
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place equals the sum of the volume remaining and the volume produced [19]. 
Material balance equations [ 191 will be given for different reservoir situations. 
Nomenclature used in these equations is listed below [ 19,197,2471. 

Bo = oil formation volume factor = volume at reservoir conditions per 
volume at stock-tank conditions, dimensionless (reservoir barrel per 
stock-tank barrel, RB/STB) 

Bg = gas formation volume factor = volume at reservoir conditions per 
volume at standard conditions, RB/scf (Note: if the gas formation 
volume factor is expressed in cu ft/scf, divide by 5.615 or multiply by 
0.1781 to get RB/scf) 

Bw = water formation volume factor = volume at reservoir conditions per 
volume at standard conditions, dimensionless (RB/STB) 

Bt = Bo + (R* - RJ Bg = composite oil or total oil formation volume factor 
= volume at reservoir conditions per volume at standard conditions 

cf = formation (rock) compressibility = pore volume per pore volume per 
psi 

cw = water compressibility = pore-volume per pore-volume per psi 
G = total initial gas in place in reservoir, scf 
Gc = cumulative gas influx (encroachment), scf 

Gi = cumulative gas injected, scf 
GP = cumulative gas produced, scf 
k, = relative permeability to gas, dimensionless 
km = relative permeability to oil, dimensionless 
m = GBgi/NBoi = ratio of initial gas-cap/gas-reservoir volume to initial 

reservoir oil volume 
N = initial oil in place, STB 

NP = cumulative oil produced, STB 

p = reservoir pressure, psia 
pi = initial reservoir pressure, psia 
p, = reduced pressure, dimensionless 
R, = solution-gas-oil ratio (gas solubility in oil), scf/STB 
Rsi = initial solution-gas-oil ratio, scf/STB 
R, = gas solubility in water, scf/bbl at standard conditions 
Rp = cumulative gas-oil ratio, scf/STB 
So = oil saturation, fraction of pore space 
Sg = gas saturation, fraction of pore space 
S, = irreducible or connate water saturation, fraction of pore space 
Sw = water saturation, fraction of pore space 
S, = initial water saturation, fraction of pore space 
W = initial water in place, reservoir bbl 
We = cumulative water influx, bbl at standard conditions 
W = cumulative water produced, bbl at standard conditions 
If = cumulative water injected, bbl at standard conditions 
pg = gas viscosity, cp 
po = oil viscosity, cp 

AGe = gas influx (encroachment) during an interval, scf 

ANp = oil produced during an interval, STB 

z = gas deviation factor (compressibility factor), z = pV/nRT, dimensionless 
i = subscript, initial or original conditions 
1 = subscript for conditions at p, 
2 = subscript for conditions at pn 
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Materlal Balance for Gas Reservoirs 

Material Balance Equatlona 

Reservoirs that contain only free gas are called gas reservoirs. These reservoirs 
contain a mixture of gaseous hydrocarbons, which may be dry, wet, or con- 
densate gas. Gas reservoirs may be volumetric with no water influx. For such 
reservoirs, the material balance is: 

GB, = (G - Gp)Bg (5-145) 

where all terms have been defined earlier in the notation. In the case of a gas 
reservoir with water encroachment and water production, the material balance 
equation is: 

GB, (G - Gp)Bg + (We - Wp) (5-146) 

In either equation, the gas formation volume factor can be obtained, as a 
function of pressure and temperature, as outlined earlier. A schematic repre- 
sentation [197] of the material balance equations for dry-gas reservoirs is 
depicted in Figure 5-141. 

P = P i  P = P  

water 
drive 

drive --------- 
Water Water 

- - 
attached 
oil zone 

Figure 5-141. Schematic of material balance equations for a dry-gas 
reservoir [197]. 
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Graphical Form of Material Balance (p/z Plots) 

For volumetric gas reservoirs in which there is no water influx and negligible 
water production, the definition of gas formation volume factor (Equation 5-3) 
can be substituted into Equation 5-145, and the resulting equation can be 
rearranged to give [197]: 

(5-147) 

where all terms are as defined previously and the subscript i refers to initial 
conditions. This equation indicates that for a volumetric gas reservoir a plot of 
cumulative gas production (Gp) in standard cubic feet versus the ratio p/z is a 
straight line. Within limits of error for average reservoir pressure and cumulative 
production, this plot is linear as shown in Figure 5-142. The straight line can 
be extrapolated to zero pressure to find the initial gas in place, or can be 
extrapolated to predict the cumulative production at any future average reservoir 
pressure. A plot of pressure versus cumulative production is not a straight line 
because the produced gas is not a perfect gas. Since the gas deviation factor, 
z, is a function of pressure, the ratio of p/z can be obtained conveniently from 
plots of p/z versus p, p,/z versus z for different reduced temperatures, or from 
computer programs that have gas deviation factors in storage [197]. Other 
graphical interpretations have been suggested [248]. 
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Flgure 5-142. A p/z plot [17]. 
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A plot of p/z versus GP may not be a straight line for several reasons: an 
unexpected water drive may exist, average reservoir pressure may be inaccurate, 
or the reservoir pore volume may be changing unpredictably as a result of 
abnormally high reservoir pressures [ 1971. A water drive reduces relative 
permeability to gas and increases pressure at abandonment [ 1801. For reservoirs 
at moderate to high pressure in the absence of a water drive, the recovery 
efficiency under pressure depletion may range from about 80% to more than 
90%; a water drive can reduce recovery to about 60%. To maximize efficiency, 
water-bearing zones should not be perforated if the water is movable, and 
production should be at a high rate since water entry is time dependent [180j. 

Material Balance Equations in Oil or Combination Reservoirs 

When discovered, a reservoir may contain oil, gas, and water that can be 
intermingled or segregated into zones. As described earlier, recovery may be 
caused by solution gas drive, water drive, gas cap drive, or a combination of 
these mechanisms. A general material balance equation should be capable of 
handling any type of fluid distribution and any drive mechanism. 

From the compressibilities given in the first section, water and formation 
compressibilities are less significant where there is appreciable gas saturation 
such as in gas reservoirs, gas cap reservoirs, and in undersaturated reservoirs 
below the bubble point. Because of this and because of the complications they 
would introduce in already complex equations, water and formation com- 
pressibilities are generally neglected, except in undersaturated reservoirs pro- 
ducing above the bubble point. Gas in solution in the formation is small and 
also generally neglected. One general material balance equation, the Schilthuis 
equation, is a volumetric balance stating that the sum of the volume changes 
in oil, gas, and water must be zero because the reservoir volume is constant. 

oil zone gas cap water cumulative oil 
[expansion] + [expansion] + [influx] = [zoneproduction] 

NmB, (B, - B, ) 
N(B,-B, )+  + W e  = N,B, 

B, 

1 cumdtive gas cap cumdtive water 
+ [ gas production ] + [ production 

+ N,(R, - RJBg + BwWp (5-148) 

All symbols have been defined earlier. Rearranging terms, Equation 5-148 can 
be written: 

Material balance equations are often expressed in terms of the initial oil in 
place, N: 
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(5-150) 

This equation applies to a reservoir under any drive mechanism or to fields 
under the simultaneous influence of dissolved gas drive, water drive, or gas 
cap drive. 

If there is no water drive, We = 0; therefore: 

When there is no original free gas, m = 0; therefore: 

NP[ B, + (R, - R, )B,] -(We - BwW,) 
B, - B, 

N =  

(5-151) 

(5-1 52) 

When there is neither an original gas cap nor any water drive, m = 0 and 
W, = 0; therefore: 

(5-153) 

Although connate water and formation compressibilities are quite small, 
relative to the compressibility of reservoir fluids above their bubble points they 
are significant and account for an appreciable fraction of the production above 
the bubble point. In cases when compressibilities can be important, Equation 
5-150 can be written as: 

N,[B, + (RP - Rsi )BgI - (We - BwWp 
N =  B, - B, + (c, + c,S, ) ApB,/(l - S, ) + mB, (B, - B, )/B, (5-154) 

Material balance equations for various drive mechanisms and different initial 
conditions are summarized in Table 5-31. Note that in this table B is expressed in 
ft3/scf, and the conversion factor, 0.1781, is the reciprocal of 5.61% ft5 per barrel. 

Genaraiized Material Balance Equation 

Many forms of the so-called general material balance equation have appeared 
in the literature. In the most general form, the material balance equation, 
expressed in terms of the initial oil in place, is: 

N,B, + B,(G, - N,R,) - G( B, - B, ) - (We - W,) 
N =  Bo -Be +(Rd -R,)B,+(c,+c,S,)ApB,/(l-S,) (5-155) 
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Table 5-31 
Material Balance Equations 

Gas reservoir with active water drive 

G,B, - 5.615(Wn - W,) 

B, - Bd 
G =  

Gas reservoir; no active water drive (We = 0) 

G,B, + 5.615WP 
G =  - 'd 

Oil reservoir with gas cap and active wafer drive 

&[e, + 0.1781 B,(R, - Rd)] - (W, - W,) 
N =  

Oil reservoir with gas cap; no active water drive (We = 0) 

N,[B, + 0.1781 B,(R, - R,)] + W, 

Initially undersaturated oil reservoir with active water drive (rn = 0) 

1. Above bubble point 

2. Below bubble point 

N, [B, + 0.17818, (R, - R, )] - (We - W, ) 
N =  

Bt - Bai 

Initially undersaturated oil reservoir; no active water drive (rn = 0, We = 0) 

1. Above bubble point 

2. Below bubble point 

N,[B, +0.1781B,(RP - R d ) ] +  W, 
B, -B, 

N =  

From Reference 180. 
Note: In this table, 8, is expressed in W/SCF. 



236 Reservoir Engineering 

This equation can be obtained by substituting in Equation 5154 the following term: 

Bj = Bo + (R, - Rs) B i  B,= B,; and G, = Np%. 

A schematic representation [19] of the possible changes in fluid distribution 
is presented in Figure 5143. In order to not omit any of the significant reservoir 
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energies, Slider [ 1971 suggests beginning all material balance applications with 
Equation 5-155. With the use of Equation 5-155, it is not necessary to list 
separate equations for the various drive mechanisms and conditions since this 
one equation can be reduced to any of the individual cases. For reservoirs above 
the bubble point, some of the terms in Equation 5-155 become zero or else 
cancel out: G = 0 since there is no free gas, Gp, and N R, cancel out since the 
gas production term is equal to the total gas produce& Rd - q is zero since 
the gas in solution at any pressure is equal to the gas originally in solution. 

For a reservoir with no initial free gas saturation or no initial gas cap, G = 0. If 
there is no water encroachment, We = 0; however, the water production term 
should remain, even if there is no water drive, because connate water may be 
produced when the reservoir pressure declines. 

When a reservoir contains free gas, the pore volume expansion or com- 
pressibilities of the formation and water are insignificant compared to the free 
gas terms. Since the gas compressibility is about 100 times the compressibility 
of the water and formation, a gas saturation of only 1% may provide as much 
energy as the water and formation compressibility terms. Thus, when the gas 
saturation is substantial the change in pore volume is insignificant. 

Material Balance for Soiution-Gas Drive Reservoirs 

A schematic representation of material balance equations for solution-gas 
reservoirs, when the change in pore volume is negligible, is shown in Figure 5144. 
When these reservoirs are producing above the bubble point or saturation 
pressure, no gas is liberated and production occurs by expansion of liquids in 
the reservoir. When reservoir pressure drops below the bubble point, gas is 
liberated in the reservoir and will be produced with the oil. 

Liquld Expansion 

For some very large reservoirs (often with limited permeability), production 
may occur for extended periods by expansion of liquids in the reservoir. If 

Free Gas 

for P<Ps 

Pi P < Ps 
Flgure 5-1 44. Schematic of material balance equations for a solution-gas- 
drive reservoir [ 1971. 
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production is caused only by liquid expansion, the material balance equation 
obtained from Figure 5-144 for pressures above the bubble point is: 

(5-156) 

Gas Liberation 

When reservoir pressure declines below the bubblepoint pressure, the original 
gas in solution has either been produced as Gp, is still in solution in the oil, 
(N - Np)Rs, or exists as free gas. For this condition as shown in Figure 5-144, 
the material balance is: 

N,Bo + B,(G, - N,R,) 
Bo - B, + (R" - R,)B, 

N =  (5-1 57) 

Predicting Primary Recovery in Solution-Gas Drive Reservoirs 

Several methods for predicting performance of solution-gas behavior have 
appeared in the literature. These methods relate pressure dedine to gas-oil ratio 
and oil recovery. Because neither water influx nor gravity segregation is 
considered, time is not a factor with solution-gas reservoirs, and time must be 
inferred from the oil in place and production rate [17]. The following assump- 
tions are generally made: uniformity of the reservoir at all times regarding 
porosity, f hid saturations, and relative permeabilities; uniform pressure through- 
out the reservoir in both the gas and oil zones (which means the gas and oil 
volume factors, the gas and oil viscosities, and the solution gas will be the same 
throughout the reservoir); negligible gravity segregation forces; equilibrium at 
all times between the gas and the oil phases; a gas liberation mechanism which 
is the same as that used to determine the fluid properties, and no water 
encroachment and negligible water production. 

The Schllthuis Method [249] 

For solution-gas drive reservoirs where the reservoir pressure is about equal 
to the saturation pressure and for gas cap drive reservoirs, Equation 5155 can 
be written [197]: 

N,Bo +(G,-N,R,)Bg-G(Bg-Bgl)  
Bo - B, +(Re - R,)B, 

N =  

If this equation is rearranged and solved for cumulative oil produced: 

NIB. - B, -t- (R, - R,)Bg] + G(B, - Bd)-  BEG 
N, = 

Bo - BgR, 

(5158) 

(5159) 

In order to predict the cumulative oil production at any stage of depletion, the 
original oil and gas in place and the initial reservoir pressure must be known. 
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The original pressure establishes values for B,, B and RG, and the pressure at 
the given level of depletion establishes values of bo, Bg, and R,. Cumulative gas 
production can be obtained from: 

GP = XRsANp (5-160) 

A procedure for using this method is [197]: 

1. At a set value of reservoir pressure, assume the cumulative amount of gas 

2. Calculate NP by Equation 5-159. 
3. Calculate So using Equation 5-175. 
4. Determine the relative permeability ratio based on the liquid saturation 

5. Calculate GP using Equations 5-160 and 5-163. 
6. Compare the calculated GP with the assumed GP from Step 1. 
7. If the assumed and calculated values do not agree to a satisfactory degree, 

repeat the calculations from Step 1 for another value of Gp. 
8. If the assumed and calculated Gp values agree, return to Step 1 and set a 

new pressure. 

produced, Gp. 

from data such as that in Figure 5-55. 

The Tamer Method 

This [250] is a trialand-error procedure based on the simultaneous solution 
of the material balance equation and the instantaneous gas-oil ratio equation. 
For a pressure drop from p1 to ps, the procedure involves a stepwise calculation 
of cumulative oil produced (NP)* and of cumulative gas produced (Gp&. Several 
variations in the procedure and equations are possible; the straightforward 
procedure outlined by Timmerman [ 1801 is reproduced here. 

1. During the pressure drop from p1 to ps, assume that the cumulative oil 
production increases from (Np)l to (Np)*. At the bubble point pressure, NP 
should be set equal to zero. 

2. By means of the material-balance equation for Wp = 0,  compute the 
cumulative gas produced (GP)* at pressure pn: 

3. Compute the fractional total liquid saturation (SJ2 at pressure pn: 

(SL)* =s, +( l -S , )& [ 1-* ,,)I 
Bm 

(5-1 62) 

4. Determine the kdk, ratio corresponding to the total liquid saturation <SJ2 
and compute the instantaneous gas-oil ratio at pn: 

(5163) 
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5. Compute the cumulative gas produced at pressure p; 

(5-1 64) 

where I$ is the instantaneous gas-oil ratio computed at pressure p,. 
Usually three judicious guesses are made for the value (N )* and the cor- 

responding values of (GP)* computed by both step 2 and step 5. bhen the values 
for (Gp)* are plotted against the assumed values for (Ne)*, the intersection of 
the curve indicates the cumulative gas and oil production that will satisfy both 
equations. In actual application the method is usually simplified further by 
equating the incremental gas production (Gp& - (Gp)l rather than (Gp)* itself. 
This equality signifies that at each pressure step the cumulative gas, as deter- 
mined by the volumetric balance is the same as the quantity of gas produced 
from the reservoir, as controlled by the relative permeability ratio of the rock, 
which in turn depends on the total liquid saturation . 
The Muskat Method 

The Schilthuis and Tamer forms of material balance have been expressed in 
integral form. An approach presented by Muskat [251] expresses the material 
balance in terms of finite pressure differences in small increments. The changes 
in variables that affect production are evaluated at any stage of depletion or 
pressure. The assumption is made that values of the variables will hold for a 
small drop in pressure, and the incremental recovery can be calculated for the 
small pressure drop. The variables are recalculated at the lower pressure, and 
the process is continued to any desired abandonment pressure. If the PVT data 
and the gas-oil relative permeabilities are known at any liquid saturation, the 
unit recovery by pressure depletion can be computed from a differential form 
of the material balance equation: 

(5165) 
dP 

From the change in saturation at any pressure, the reservoir saturation at that 
time can be related to the change in oil production and the instantaneous gas- 
oil ratio. Calculations can be facilitated if the terms in the numerator that are 
functions of pressure only (Bg, Bo, R,) are determined for various depletion 
pressures. Pressure increments of 10 psi or less may be necessary for acceptable 
accuracy [180]. 

Predicting Primary Recovery in Water-Drive ReservoIra 

In the prediction of performance caused by water influx, predictions of water 
encroachment are made independent of material balance. The extent of water 
encroachment depends on the characteristics of the aquifer and is a function 
of the pressure history and time [252]. While several methods are available to 
predict water drive performance, some [197] feel that the theory of unsteady- 
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state compressible flow should be used, and that water encroachment generally 
follows the constant pressure solution to the radial diffusivity equation. Solutions 
to the radial diffusivity equation have been provided by van Everdingen and 
Hurst [253] in terms of dimensionless time, t,, and a dimensionless fluid flow 
function, Qm,  which is determined at t,: 

6.323 x loJ kt t, = 
@w2 (5-166) 

where k is permeability in md, t is time in days, is the fractional porosity, c 
is the compressibility in psi-l, and r is the reservoir radius in ft. Values of Q, 
are given in tabular form as a function of t,in the paper by van Everdingen 
and Hurst [253] and have been reproduced in several texts [17,197]. Because 
of the length of the tables, they will not be reproduced in this section. The 
water encroachment, We in barrels, can be estimated from: 

where dp is the pressure drop is psi, and the constant B is: 

8 
360 

B = 1 . 1 2 @ h ~ ' -  

(5-167) 

(5-168) 

where h is the reservoir thickness in ft, 0 is the angle subtended by the reservoir 
circumference (e  is 360" for a circular reservoir and 8 is 180" for a semicircular 
reservoir against a fault), and the other terms are as defined above [17]. From 
the slope of cumulative water influx at various times versus the summation term 
at those times, the aquifer constant, B, can be obtained, and the cumulative 
water influx for any pressure history can be estimated from Equation 5-167. Plots 
of Qco versus t, for various dimensionless reservoir sizes are also available 
[17,253] and extensions of these data are available as well 11971. 

Volumetric Calculations for Recovery of Gas and Oil 

The volumetric equations for original oil and gas in place were given earlier. 
In this section, volumetric equations will be given for the recovery of gas and 
oil reservoirs under several common instances. 

Recovery of Gas 

The volume of gas recovered, GP in scf, from a dry-gas reservoir is: 

(5-169) 

where 7,758 is the number of barrels per acre-ft, A is the areal extent in acres, 
h is the reservoir thickness in ft, @ is the fractional porosity, Sw is the fractional 
water saturation, B, is the initial gas formation volume factor in reservoir barrels 
per scf, and BB is the gas formation volume factor in RB/scf at the abandonment 
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pressure. (Note: if the formation volume factors are expressed in ft5/scf, 7,758 
should be replaced with 43,560 ft3 per acre-ft. 

If Equation 5-145 is rearranged in terms of the initial gas in place: 

(5-170) 

The recovery efficiency, En, which is the volume of gas recovered divided by 
the volume of gas initially in place, can be found from: 

B, - B, E, = 
B# 

(5-1 71) 

For volumetric gas reservoirs (which assumes no change in Sw) recoveries may 
range from 80% to 90% of the initial gas in place. 

For gas reservoirs under water drive, recovery efficiency is: 

(5-172) 

where SBt is the residual gas saturation and the other terms axe as defined above. 

Recovery of 011 

Solution-Gas or Depletion Drlvr. Oil recovery by depletion or solution-gas 
drive is: 

1 ( l - S w )  (I-% -s*> N, = 7,758 Ah@[ - - 
B, BO 

(5-179) 

where B . is the initial oil formation volume factor and Bo is the oil formation 
volume &tor at abandonment, and the other terms are as previously defined. 
The ultimate free gas saturation is often estimated from the old data of Arps 
[245] and Craze and Buckley [241] in which the average Sg was 30% for a 
2.2 cp oil with 400 fts/bbl of solution g a s .  A general rule suggests that for each 
doubling of solution gas, S8 should be increased 3%; and for each doubling of 
oil viscosity, Sg should be decreased by 3% [14]. As a first approximation, 
Sgr can be taken to be about 0.25 [254] 

For a volumetric, undersaturated reservoir, 

(5-1 74) 

where N, is the oil produced in stock tank barrels, N is the initial oil in place 
in STB and the other terms are as already given. In this case, the oil saturation 
after any stage of primary production, Sa, can be obtained from: 
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(5-175) 

If calculations are made at the abandonment of primary production, So will 
represent the oil saturation after primary. The gas saturation at any time, Sg, 
can be found from: 

s = 1 - s o - s w  (5-176) 
!3 

For a solution-gas drive reservoir with water encroachment [73]: 

Bo - Boi W 
(5-177) 

where We is the cumulative water influx in barrels and all other terms are 
consistent with the prior definitions. 

Water-Drive Reservoir. Recovery from a waterdrive reservoir (which assumes 
no appreciable decline in pressure) can be calculated from [14]: 

(5-178) 

where Sor is the residual oil saturation as a fraction of pore volume. Residual 
oil saturation can be obtained from cores taken with water base mud or from 
logs as described earlier. Methods of estimating residual oil saturation after water 
injection are discussed later. In the absence of data, residual oil saturations are 
sometimes obtained from the empirical data of Arps [245] and Craze and 
Buckley [241] which are given in Table 5-32. However, the caution given earlier 
is repeated here: from a more recent study [239] no statistically valid correlation 
was found between oil recovery and definable reservoir parameters. 

The recovery efficiency is the case of water influx is given by: 

(5-179) 

Gravity Dralnage. For segregation drive reservoirs, Equation 5-178 can be used. 
Residual oil saturations for gravity drainage reservoirs tend to be low (possibly 
on the order of 0.10) [14]. 

Gas-Cap Drive. For a gascap drive reservoir with no water influx, the oil satura- 
tion can be estimated from [73]: 

1 1 N - N  
' 0  = ( mOi s)" - s w ) [  1 - m(B, - B,)/B, (5-180) 

where m is the ratio of original gas zone to original oil zone in the reservoir 
and all other quantities have been defined. 
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Table 5-32 
Approximation of Residual Oil Saturation 

Reservoir oil viscoslty, Resldual oil saturation, 
CP % PV 

0.2 30 
0.5 32 
1 .o 34.5 
2.0 37 
5.0 40.5 

10.0 43.5 
20.0 46.5 

Average reservoir saturation from 
permeablllty, viscosity trend, 

md % PV 

Deviation of resldual oll 

50 
100 
200 
500 

1,000 
2,000 
5,000 

+12 
+ 9  
+ 6  
+ 2  
- 1  
- 4.5 
- 8.5 

~ 

From Reference 245. 

DECLINE CURVE ANALYSIS 

The conventional analysis of production decline curves for oil or gas pro- 
duction consists of plotting the log of flow rate versus time on semilog paper. 
In cases for a decline in rate of production, the data are extrapolated into the 
future to provide an estimate of expected production and reserves. 

The empirical relationships for the analysis of production decline curves were 
first proposed by Arps [255] in which a decline rate, a, was defined as the 
fractional change in the flow rate, q, with time, t: 

(5-181) 

If time is in days, flow rate in this equation is expressed in terms of stock tank 
barrels per day in the case of oil and scf per day for gas. Other consistent units 
of flow rate and time can be used. As shown in Figure 5-145, three types of 
decline can occur: a constant percentage or exponential decline, a hyperbolic 
decline, and a harmonic decline [245]. For the semilog plot, the exponential 
decline is a straight line whereas the slopes of the hyperbolic and harmonic 
decline curves decrease with time. For the exponential decline, the drop in 
production per unit time is a constant fraction of the produttion rate. For a 
hyperbolic decline, the decrease in production per unit time as a fraction of 
the production rate is proportional to a fractional power (between 0 and 1) of 
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the production rate. For a harmonic decline, the decrease in production per 
unit time as a fraction of the production rate is directly proportional to the 
rate. Slider [256] presented an equation for the hyperbolic decline that will 
reduce to the other types under certain circumstances: 

(5-182) 

where a is the decline rate when the production rate is q, and ai and q are 
the decline rate and production at an initial time. As mentioned above, the 
exponent, n, is a number between, but not including zero and one for the 
hyperbolic decline. When n is zero, the decline rate is constant which is the 
exponential decline. When n is one, the decline rate is proportional to the rate 
which is the harmonic decline. Several early publications related to declinecurve 
analysis have appeared in the literature [257-2621. 

The exponential and hyperbolic types of decline curves are more common 
than the harmonic decline. The exponential or constant percentage decline is 
indicative of a homogeneous producing interval where the pressure response has 
been affected by the outermost reservoir limits [263-2641. The exponential 
decline may apply to pumping wells that are kept pumped off or gas wells and 
many oil wells that produce at a constant bottomhole pressure. The hyperbolic 
decline is indicative of either unsteady-state conditions or pressure response from 
a variable permeability reservoir [265]. Although frequently encountered, the 
harmonic decline may be observed with reservoirs that are dominated by gravity 
drainage [197]. Equations for each type of decline-curve are given in Table 5-33, 
and will be discussed for each case. 

Exponential Decline 

For the exponential or constant percentage decline, the nominal or instan- 
taneous decline rate is: 

qi /9) a =  
t 

and as shown in Table 5-33, the rate-time relationship is: 

q = qie" 

and the relationship between flow rate and cumulative production is: 

91 - 9  N, = - 
a 

The annualized (effective) or continuous decline rate, d, is: 

d = 91 -9 
4 

from which the cumulative production, N,, is: 

91 -9 
-tn(l- d) 

N, = 

(5-183) 

(5-1 84) 

(5-185) 

(5-186) 

(5187) 
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Table 5-33 
Classification of Production Decline Curves 

1. Constant II. Hyperbolic 111. Harmonic 
Decline type percentage decllne decllne decllne 

Basic Decline is constant Decline is proportional Decline is propor- 
characteristic n = O  to a fractional power tional to a production 

(n) of the production rate 
rate n = l  

O e n c l  

Rate-time 
relationship 

q = q,e-" 

From Reference 255. 
a = decline as a fraction of production rate 
t = time 

ai = initial decline 
N, = cumulative oil production et time t 

qi = an initial production rate 
n = exponent 
q = production rate at time t 
h = l l n  

and the flow rate at time, t, is: 

9 qi + ?JpPan(l - d) (5-188) 

Hyperbolic Decline 

As shown in Table 5-33, the timerate relationship for the hyperbolic decline is: 

If h is substituted for l/n, the time-rate relationship is: 

9i 9 =  
(I+?] 

(5-189) 

(5-190) 

where h is the hyperbolic decline constant. 
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For the hyperbolic decline, the rate-cumulative production relationship is: 

and if h is substituted into this equation: 

N,= [ - (h! l)]( $)[ qi -’(’ +?)I 
Equation 5-190 can be rearranged to: 

l l t  -= -+ -  
a ai h 

(5191) 

(5192) 

(5-193) 

which represents a straight line. If the decline rate, l/a, is plotted on the y-axis 
versus the time interval on the x-axis, the intercept at t = 0 will yield l/%, and 
the slope will yield l/h. These values can be substituted into Equation 5-190 to 
give any future estimates of production rates [264]. 

Harmonic Decline 

For a harmonic decline, the time-rate relationship is: 

(51 94) 

and the rate-cumulative production relationship as shown in Table 5-33 is: 

N, = tn( :) 
ai 

(5-195) 

Production Type-Curves 

Semilog Plots 

The complexity of the analysis of hyperbolic decline-curves led to the develop 
ment of curve-matching techniques. One of the simpler techniques was proposed 
by Slider [256] with the development of an overlay method to analyze rate-time 
data. The actual decline-curve data are plotted on transparency paper and 
compared to a series of semilog plots that represent different combinations of 
a, and n. Tabular values needed to plot the hyperbolic type-curves are available 
[197] for values of n from 0.1 to 0.9, in increments of 0.1. 

Gentry [266] prepared a series of plots of q/q versus NJqt for different 
values of n from 0 to 1.0 in increments of 0.1. Using two rates, the cumulative 
production, and the intervening time, the value of n for a particular hyperbolic 
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decline-curve can be obtained. Gentry provided other curves to estimate a,, or 
Equation 5-189 can be rearranged: 

(5-1 96) 

With the use of the semilog typecurves, caution must be exercised to ensure 
that the interval being analyzed is indeed a hyperbolic curve [197]. Another 
problem with the semilog plots is that an exact fit of the data may not be 
possible; however, the techniques are relatively rapid. 

Log-log (Fetkovich) Type-Curves 

Conventional declinecurve analysis should be used only when mechanical 
conditions and reservoir drainage remain constant and the well is producing at 
capacity [197]. An advanced approach for decline-curve analysis, which is 
applicable for changes in pressure or drainage, has been presented by Fetkovich 
[267,268]. This technique, which is similar to the approach used in pressure 
testing, involves log-log plots of q/ql (or qDd) versus ait (or t, ) for different 
values of n (see Figure 5-146). As shown in this figure, a log-fog plot of the 
dimensionless rate and dimensionless time can identify transient data and/or 
depletion data, the Arps’ equations given in Table 5-33 must only be applied 
to rate-time data that indicate depletion [268]. Use of transient data in the Arps’ 
equations will result in incorrect forecasts that are overly optimistic. 

The full-size Fetkovich type-curves can be ordered from the book order 
department of SPE. The field data are plotted on tracing paper that has the 
same log-log scale as the full-size type-curves. The log-log plot of flow rate and 
time can be in terms of barreldday versus days, barrels/month versus months, 
or barrels/year versus years, depending on the time interval being studied. Using 
the best fit on the appropriate typecurve, a match point can be used to obtain 
91 and ai for the actual data. The appropriate equation can then be used to 
analyze the rate, time, and cumulative production behavior. 

RESERVE ESTIMATES 

Definltion and Classificatlon of Reserves 

Definltions [269-2711 

Crude Oil. This is defined technically as a mixture of hydrocarbons that existed 
in the liquid phase in natural underground reservoirs and remains liquid at 
atmospheric pressure after passing through surface facilities. For statistical 
purposes, volumes reported as crude oil include: (1) liquids technically defined 
as crude oil; (2) small amounts of hydrocarbons that existed in the gaseous phase 
in natural underground reservoirs but are liquid at atmospheric pressure after 
being recovered from dwell (casinghead) gas in lease separators*; and (3) small 
amounts of nonhydrocarbons produced with the oil. 

*From a technical standpoint, these liquids are termed “condensate”; however, they are commingled 
with the crude stream and it is impractical to measure and report their volumes separately. All other 
condensate is reported as either “lease condensate” or ‘plant condensate” and included in natural 
gas liquids. 
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Natural Gas. This is a mixture of hydrocarbons and varying quantities of 
nonhydrocarbons that exist either in the gaseous phase or in solution with crude 
oil in natural underground reservoirs. Natural gas may be subclassified 
as follows. 

Associated gas is natural gas, commonly known as gas-cap gas, that overlies 
and is in contact with crude oil in the reservoir.** 

Dissolved gas is natural gas that is in solution with crude oil in the reservoir. 
Nonassociated gas is natural gas that is in reservoirs that do not contain 

significant quantities of crude oil. 
Dissolved gas and associated gas may be produced concurrently from the same 

wellbore. In such situations, it is not feasible to measure the production of 
dissolved gas and associated gas separately; therefore, production is reported 
under the heading of associated-dissolved or casinghead gas. Reserves and 
productive capacity estimates for associated and dissolved gas also are reported 
as totals for associateddissolved g a s  combined. 

Natural Gas Llqulds (NGLs). These are those portions of reservoir gas that 
are liquefied at the surface in lease separators, field facilities, or gas processing 
plants. Natural gas liquids include but are not limited to ethane, propane, 
butanes, pentanes, natural gasoline, and condensate. 

Reservoir. A reservoir is a porous and permeable underground formation 
containing an individual and separate natural accumulation of producible 
hydrocarbons (oil and/or gas) which is confined by impermeable rock and/or 
water barriers and is characterized by a single natural pressure system. In most 
situations, reservoirs are classified as oil reservoirs or as gas reservoirs by a 
regulatory agency. In the absence of a regulatory authority, the classification is 
based on the natural occurrence of the hydrocarbon in the reservoir as deter- 
mined by the operator. 

Improved Recovery. This includes all methods for supplementing natural 
reservoir forces and energy, or otherwise increasing ultimate recovery from a 
reservoir. Such recovery techniques include (1) pressure maintenance, (2) cycling, 
and (3) secondary recovery in its original sense (Le., fluid injection applied 
relatively late in the productive history of a reservoir for the purpose of 
stimulating production after recovery by primary methods of flow or artificial 
lift has approached an economic limit). Improved recovery also includes the 
enhanced recovery methods of thermal, chemical flooding, and the use of 
miscible and immiscible displacement fluids. 

Reserves [a'rl]. These are estimated volumes of crude oil, condensate, natural 
gas, natural gas liquids, and associated substances anticipated to be commercially 
recoverable and marketable from a given date forward, under existing economic 
conditions, by established operating practices, and under current government 
regulations. Reserves do not include volumes of crude oil, condensate, or natural 
gas liquids being held in inventory. 

Reserve estimates are based on interpretation of geologic and/or engineering 
data available at the time of the estimate. JCxisting economic conditions are 

** Where reservoir conditions are such that the production of associated gas does not substantially 
affect the recovery of crude oil in the resemir, such gas may be classified aa nonassociated gas 
by a regulatory agency. In this event, reserves and production are reported in accordance with 
the classification used by the regulatory agency. 
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prices, costs, and markets prevailing at the time of the estimate. Other assumed 
future economic conditions may lead to different estimates of recoverable 
volumes; these volumes are not considered reserves under existing economic 
conditions constraints, but may be identified as resources. 

Marketable means that facilities to process and transport reserves to market 
are operational at the time of the estimate, or that there is a commitment to 
install such facilities in the near future, and there i s  a readily definable market 
or sales contract. Reserve estimates generally will be revised as reservoirs are 
produced, as additional geologic and/or engineering data become available, or 
as economic conditions change. 

Natural gas reserves are those volumes which are expected to be produced 
and that may have been reduced by onsite usage, by removal of nonhydrocarbon 
gases, condensate or natural gas liquids. 

Reserves may be attributed to either natural reservoir or improved recovery 
methods. Improved recovery includes all methods for supplementing natural 
reservoir energy to increase ultimate recovery from a reservoir. Such methods 
include (1) pressure maintenance, (2) cycling, (3) waterflooding, (4) thermal 
methods, (5 )  chemical flooding, and (6)  the use of miscible and immiscible 
displacement fluids. Reserves attributed to improved recovery methods usually 
will be distinguished from those attributed to primary recovery. 

All reserve estimates involve some degree of uncertainty, depending chiefly 
on the amount and reliability of geologic and engineering data available at the 
time of the estimate and the interpretation of these data. The relative degree 
of uncertainty may be conveyed by placing reserves in one of two classifications, 
either proved or unproved. Unproved reserves are less certain to be recovered 
than proved reserves and may be subclassified as probable or possible to denote 
progressively increasing uncertainty. 

Classification of Reserves 

Proved Reserves. Attributed to known reservoirs, proved reserves can be 
estimated with reasonable certainty. In general, reserves are considered proved 
if commercial producibility of the reservoir is supported by actual production 
or formation tests. The term proved refers to the estimated volume of reserves 
and not just to the productivity of the well or reservoir. In certain instances, 
proved reserves may be assigned on the basis of a combination of core analysis 
and/or electrical and other type logs that indicate the reservoirs are analogous 
to reservoirs in the same areas that are producing, or have demonstrated the 
ability to produce in a formation test. The area of a reservoir considered proved 
includes (1) the area delineated by drilling and defined by fluid contacts, if any, 
and (2) the undrilled areas that can be reasonably judged as commercially 
productive on the basis of available geological and engineering data. In the 
absence of data on fluid contacts, the lowest known structural occurrence of 
hydrocar3ons controls the proved limit unless otherwise indicated by definitive 
engineering or performance data. 

In general, proved undeveloped reserves are assigned to undrilled locations 
that satisfy the following conditions: (1) the locations are direct offsets to wells 
that have indicated commercial production in the objective formation, (2) it is 
reasonably certain that the locations are within the known proved productive 
limits of the objective formation, (3) the locations conform to existing well 
spacing regulation, if any, and (4) it is reasonably certain that the locations will 
be developed. Reserves for other undrilled locations are classified as proved 
undeveloped only in those cases where interpretation of data from wells indicates 
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that the objective formation is laterally continuous and contains commercially 
recoverable hydrocarbons at locations beyond direct offsets. 

Reserves that can be produced through the application of established improved 
recovery methods are included in the proved classification when: (1) successful 
testing by a pilot project or favorable production or pressure response of an 
installed program in that reservoir, or one in the immediate area with similar 
rock and fluid properties, provides support for the engineering analysis on 
which the project or program is based and (2) it i s  reasonably certain the project 
will proceed. 

Reserves to be recovered by improved recovery methods that have yet to be 
established through repeated commercially successful application are included 
in the proved category only after a favorable production response from the 
reservoir from either (1) a representative pilot or (2) an installed program that 
provides support for the engineering analysis on which the project or program 
is based. 

Unproved Reserves. These are based on geologic and/or engineering data 
similar to that used in estimates of proved reserves, but technical, contractual, 
or regulatory uncertainties preclude such reserves being classified as proved. 
Estimates of unproved reserves may be made for internal planning of special 
evaluations, but are not routinely compiled. 

Unproved reserves are not to be added to proved reserves because of different 
levels of uncertainty. Unproved reserves may be divided into two subclassifica- 
tions: probable and possible. 

Probable Reserves. These reserves are attributed to known accumulations and 
are less certain to be recovered than proved reserves. In general, probable 
reserves may include (1) reserves that appear to exist a reasonable distance 
beyond the proved limits of productive reservoirs, where fluid contacts have 
not been determined and proved limits are established by the lowest known 
structural occurrence of hydrocarbons, (2) reserves in formations that appear 
to be productive from core and/or log characteristics only, but that lack 
definitive tests or analogous producing reservoirs in the area, (3) reserves in a 
portion of a formation that has been proved productive in other areas in a field, 
but that is separated from the proved area by faults, (4) reserves obtainable by 
improved recovery methods and located where an improved recovery method 
(that has yet to be established through repeated commercially successful opera- 
tion) is planned but not yet in operation, and where a successful pilot test has 
not been performed but reservoir and formation characteristics appear favorable 
for its success, ( 5 )  reserves in the same reservoir as proved reserves that would 
be recoverable if a more efficient primary recovery mechanism were to develop 
than that assumed in estimating proved reserves, (6) incremental reserves 
attributable to infill drilling where closer statutory spacing had not been 
approved at the time of the estimate, and ('7) reserves that are dependent for 
recovery on a successful workover, treatment, retreatment, change of equipment, 
or other mechanical procedures, when such procedures have not been proved 
successful in wells exhibiting similar behavior in analogous formations. 

Possible Reserves. These are associated with known accumulations and are 
less certain to be recovered than probable reserves. In general, possible reserves 
may include (1) reserves indicated by structural and/or stratigraphic extrapola- 
tion from developed areas, (2) reserves located where reasonably definitive geo- 
physical interpretations indicate an accumulation larger than could be included 
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within the proved and probable limits, (3) reserves in formations that have 
favorable log characteristics but questionable productivity, (4) reserves in 
untested fault segments adjacent to proved reservoirs where a reasonable doubt 
exists as to whether such fault segment contains recoverable hydrocarbons, ( 5 )  
incremental reserves attributable to infill drilling that are subject to technical 
or regulatory uncertainty, and (6) reserves from a planned improved recovery 
program that is not in operation and that is in a field in which formation, fluid, 
or reservoir characteristics are such that a reasonable doubt exists to its success. 

Reserve Status Categories. These define the development and producing 
status of wells and/or reservoirs. They may be applied to proved or unproved 
(probable or possible) reserves. 

Developed Reserves. These are expected to be recovered from existing wells 
(including reserves behind pipe). Improved recovery reserves are considered 
developed only after the necessary equipment has been installed, or when the 
costs to do so are relatively minor. Developed reserves may be subcategorized 
as producing or nonproducing. 

Producing Reserves. These are expected to be recovered from completion 
intervals open at the time of the estimate and producing to market. Improved 
recovery reserves are considered to be producing only after an improved recovery 
project is in operation. Unproved (probable or possible) producing reserves are 
in addition to proved pro th ing  reserves, such as (1) reserves that may 
be recovered from portions of the reservoir downdip from proved reserves or 
(2) reserves that may be recovered if a higher recovery factor i s  realized than 
was used in the estimate of proved reserves. 

Nonptvdwhg Reserves. These include shut-in and behind-pipe reserves. Shut-in 
reserves are expected to be recovered from completion intervals open at the 
time of the estimate, but which have not started producing, or were shut in for 
market conditions of pipeline connection, or were not capable of production 
for mechanical reasons, and the time when sales will start is uncertain. Behind- 
pipe reserves are expected to be recovered from zones behind casing in existing 
wells, which will require additional completion work or a future recompletion 
prior to the start of production. 

Undeveloped Reserves. These are expected to be recovered (1) from new wells 
on undrilled acreage, (2) from deepening existing wells to a different reservoir, 
or (3) where a relatively large expenditure is required to (a) recomplete an 
existing well, or (b) install production or transportation facilities for primary 
or improved recovery projects. Undeveloped reserves usually will be distinguished 
from developed reserves. The ownership status of reserves may change due to 
the expiration of a production license or contract; when relevant to reserve 
assignment, such changes should be identified for each reserve classification. 

Methods of Estimating Reserves 

Methods of determining reserves progress from analogy, before a well is 
drilled, to history after it is plugged and abandoned. The accuracy with which 
reserves can be estimated progresses along the same path from speculation 
to history. 
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Analogy 

The decision to drill a well is based upon the potential reserves that it will 
recover. This means that an engineer must be able to predict reserves before a 
well is drilled. The lack of information about the reservoir restricts the engineer- 
ing methods available. 

Analogy is the only method which can be used without specific well infor- 
mation such as porosity, reservoir thickness, and water saturation. Because 
analogy employs no specific information about a well, it is the least accurate 
method of determining reserves. Methods of analogous reserve determination 
depend on the proximity of similar reserves. The best analogy can be made by 
taking the median ultimate recovery of a number of wells that are closest and 
have the same formation and characteristics expected in the proposed well: 
When ultimate recovery data are not available, volumetric, decline curve or other 
methods of estimating ultimate recovery may be used. 

Unless values of ultimate recovery figures for the group are relatively close, 
the median ultimate recovery should be calculated by making a normal prob- 
ability plot. This plot is made by graphing estimated ultimate recovery against 
the cumulative percent of samples. A best-fit line is drawn through the points 
and the median is read where the line intersects fifty percent. A straight line 
indicates a normal distribution; if the line is not straight the distribution is 
skewed. If there are no similar wells in the area, data from those less similar 
may be used, but confidence goes down as similarity decreases. 

Volumetric 

If a well is drilled after reserves are determined by analogy, factual informa- 
tion becomes available and reserves can then be determined volumetrically. From 
log analysis the porosity, water saturation, and productive formation thickness 
are estimated. A reasonable drainage area is assigned and total hydrocarbons 
in place are then calculated. When enough wells have been drilled to delineate 
the field, a subsurface geological contour map showing the subsea sand top and 
bottom depth, oil-water contact, and gas-oil contact can be prepared. From this 
map the total areas in acre-feet of each contour are planimetered and graphed 
as the abscissa against the subsea depth as the ordinate. Lines are then drawn 
to connect the sand-top points and the sand-bottom-points, the area bounded 
by the oil-water-contact depth, the sand-top line, the sand-bottom line and the 
gas-oil-contact line. This area is the gross oil-bearing sand-volume in acre-feet. 
The area, if present, that is bounded by the gas-oil contact depth, the sand-top 
line, the sand-bottom-line and the abscissa is the gross gas-bearing sand-volume 
in acre-feet. The engineer must determine from core data and/or electric logs 
the percentage of the gross sand volume that is productive and must then reduce 
the total acre-feet by that percentage. If there is no subsurface contour map 
available or if the reservoir is very heterogeneous, an isopach or an isovol map 
should be constructed. An isopach map is constructed by contouring net sand 
thickness. This kind of map works well when the reservoir is uniform and when 
porosity and water saturation are relatively constant. When the water saturation 
and porosity vary widely from well to well, an isovol map that indicates hydro- 
carbon thickness is useful. This map is constructed by contouring the value of 
net pay height multiplied by porosity and by one minus the water saturation. 
Care should be taken not to rely on the scale provided on the map especially 
when using xerographed copies, as th is  and other methods of reproduction can 
distort one or both axes as much as five percent. A known area such as a section 



456 Reservoir Engineering 

should be measured to calibrate the instrument. Once the contour areas have 
been planimetered, the net pay volume can be calculated in several ways. If the 
number of contour intervals is even, the volume can be calculated by Simpson's 
rule [272]: 

(5-197) 

where V, = reservoir volume, acre-ft 
h = contour interval, ft 
yo = area on top of sand minus area on base of sand at the highest 

yn = area on top of sand minus area on base of sand at the lowest 
contour 

contour 

When the number of contours is uneven, the volume can be found using the 
slightly less accurate trapezoidal method 

(5-198) 

Once the reservoir volume is known, the oil in place, N, in stock tank barrels 
is calculated by an equation similar to that given earlier: 

7,758V0 (1 - S, ) N =  
BO 

where N = reservoir oil initially in place, STB 
7,758 = number of barrels/ acre-ft 

Vo = net producing reservoir volume, acre-ft 
Bo = oil formation volume factor, RB/STB 
S1 = interstitial water saturation, fraction 
I) = formation porosity, fraction 

(5-199) 

Similarly gas-in-place, G, in thousands of standard cubic feet, is estimated by 
an expression similar to that given earlier: 

43,560Vg+(1 - S,)pT, 
G =  

ZTP, 
(5-200) 

where G = gas in place, scf 
Vg = gas bearing volume of reservoir, acre-ft 
ps = standard pressure, psia 
T = reservoir temperature, degrees absolute 
T, = standard temperature base, degrees absolute 
z = gas deviation factor at reservoir conditions 

Volumetric analysis yields the total hydrocarbon content of the reservoir; this 
figure must be adjusted by a recovery factor to reflect the ultimate recoverable 
reserves. Recovery factors are based upon empirical correlations, experience, 
or analogy. 
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Material Balance 

If a field development program has been well planned and executed, enough 
information should be available to calculate reserves by the material balance 
equation. The material balance equation is derived on the assumption that the 
reservoir is a homogeneous vessel with uniform porosity, permeability, and fluid 
properties. The equation accounts for all quantities of materials that enter or 
leave the vessel. The simplest form of the equation is that initial volume is equal 
to the volume remaining plus the volume removed. As material is withdrawn 
from a constant-volume reservoir the pressure declines and remaining material 
expands to fill the reservoir. Laboratory PVT analysis of the reservoir fluid 
defines the change in volume per unit pressure drop. Knowing the amount of 
fluid withdrawn from the reservoir and the drop in pressure one can calculate 
the corresponding volume of fluid at the original reservoir pressure. The 
calculated reservoir size should remain constant as fluid is withdrawn and 
pressure drops. If the calculated reservoir size changes constantly in one 
direction as the field is produced the assumed production mechanism is 
probably wrong. Calculations should be repeated assuming different mechanisms 
until one is found that yields a constant reservoir size. Since Schilthuis E2491 
developed the original material balance equation in 1936 it has been rearranged 
to solve almost any unknown. The most frequently used forms of the equation 
are for these types of recovery mechanisms [272]: 

1. Oil reservoir with gas cap and active water drive. 
2. Oil reservoir with gas cap and no active water drive. 
3. Initially undersaturated oil reservoir with active water drive: A. Above 

bubble point. B. Below bubble point. 
4. Initially undersaturated oil reservoir with no active water drive: A. Above 

bubble point. B. Below bubble point. 
5. Gas reservoir with active water drive. 
6. Gas reservoir with no active water drive. 

The material balance equation, when combined with reIiable relative per- 
meability data, can be used to predict future reservoir performance. Many times, 
reservoirs do not conform to the assumptions made in the material balance 
equation. Few reservoirs are homogeneous and no reservoirs respond instan- 
taneously to changes in pressure. The precision with which reserves can be 
calculated or predicted with the material balance equation is affected by the 
quality of data available and the degree of agreement between the assumptions 
made in the equation and the actual reservoir conditions. 

Model Studies 

Predicting reservoir performance with the Tarner [250] or the Muskat [251] 
method is a long and tedious process and, even with a programmable calculator, 
the process takes several hours. To resolve the problems caused by the assump- 
tions inherent in the material balance equation, a reservoir would have to be 
broken up into parts small enough to be considered homogeneous. The material 
balance equation would then have to be calculated for each part and for each 
increment of production. This would entail thousands of calculations performed 
thousands of times and would drastically limit the number of reservoir simula- 
tions an engineer could run. Fortunately, computers have cut the required time 
to a few minutes. Numerical simulators divide the reservoir up into discreet 
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elements, each having the properties and spatial orientation of the associated 
blocks of a physical reservoir [273]. The simulator treats each block as a small 
reservoir, and keeps track of fluid entering or leaving the block. When a change 
in pressure due to injection or withdrawal of fluid occurs, the simulator solves 
the material balance equation for a number of time steps for each block until 
equilibrium is reached, Blocks are usually configured so that each well is in an 
individual block. Time steps are .picked so that the required information is 
resolved without using excessive computer time. Since the simulator keeps track 
of fluid movement through the reservoir, the output can include a wide variety 
of parameters. Fluid fronts, saturation changes, pressure distribution, and oil- 
water contact movement are a few of the things that can be plotted. The three 
general classifications of simulators are gas, black oil, and compositional. Gas 
simulators model one or two phases (gas or gas and water). Black oil simulators 
are designed to model any proportion of gas, oil, and water, and they account 
for gas going into or out of solution. Compositional simulators are used when 
PVT data does not adequately describe reservoir behavior such as in condensate 
reservoirs. These simulators calculate the mass fraction of individual components 
in each phase and mass transfer between phases as each phase flows at different 
rates. Most models are run with limited information and must be tuned to 
properly predict actual reservoir performance. This is done by changing para- 
meters such as relative permeability, porosity, and permeability data until the 
simulator matches the field history. 

Production Decline Curves 

The most widely used method of estimating reserves is the production rate 
decline-curve. This method involves extrapolation of the trend in performance. 
If a continuously changing continuous function is plotted as the dependent 
variable against an independent variable, a mathematical or graphical trend can 
be established. Extrapolation of that trend can then permit a prediction of future 
performance. For an oil reservoir, the plot of the logarithm of production rate 
against time is most useful. Although decline-curve analysis is empirical, if care 
is taken to ensure that production rates are not being affected by such things 
as the mechanical degradation of equipment or the plugging of the formation 
by fines or paraffin, the method is reasonably accurate. As discussed, there are 
three major types of decline curves: constant percentage or exponential, hyper- 
bolic, and harmonic. Although analysis of a large number of actual production 
decline curves indicates that most wells exhibit a hyperbolic decline with an n 
value falling between 0 and 0.4, the constant-percentage exponential decline- 
curve is most widely used. The exponential decline curve is most popular 
because, when plotted on semilog paper the points make a straight line which 
is easiest to extrapolate to the economic limit. Now that programmable cal- 
culators and personal computers reside at most every engineer's desk, it is easy 
to punch in the production data and decide which decline curve is best. 

Quality of Reserve Estimates 

If reserve estimates contained no risk, no dry holes would be drilled. Unfor- 
tunately, risk is inversely proportional to knowledge and the least is known 
before a well is drilled. Hudson and Neuse E2741 presented a graphical repre- 
sentation (reproduced in Figure 5-147) of reserve estimate quality throughout 
the life of a property. Section 1 shows the production history of the property. 
Section 2 indicates the probable risk factor associated with each stage of 
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Figure 5-147. Quality of reserves [274]. 

production from completion to depletion. Section 3 shows the range of possible 
reserve estimates through the life of the property. Section 4 shows at what stage 
of the life of the property each method of reserve estimate method becomes 
available. The solid line indicates for what period each method is most appli- 
cable. Section 5 names the depletion stage of the reservoir. 

The quality of reserve estimates throughout the industry should improve now 
that the SPE definitions for proved reserves are being accepted. When the 
definitions for probable and possible reserves are approved, uniform factors for 
risk analysis can be made [275]. 

SECONDARY RECOVERY 

Definitions 

Secondary and Tertlary Recovery 

Primary recovery, as already discussed, refers to the recovery of oil and/or 
gas that is recovered by either natural flow or artificial lift through a single 
wellbore. Thus, primary recovery occurs as a result of the energy initially present 
in the reservoir at the time of discovery. When the initial energy has been 
depleted and the rate of oil recovery declines, oil production can be increased 
by the injection of secondary energy into the reservoir. Secondary recovery is 
the recovery of oil and/or gas that involves the introduction of artificial energy 
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into the reservoir via one wellbore and production of oil and/or gas from 
another wellbore. Conventional means of secondary recovery include the immis- 
cible processes of waterflooding and gas injection. Currently in the United 
States, waterflooding is the dominant secondary recovery method in that about 
half of the oil production is recovered from waterflood projects. After secondary 
recovery, a substantial amount of oil may remain, and attempts to recover oil 
beyond primary and secondary recovery are referred to as tertiary recovery. Any 
method that recovers oil more effectively than plain waterflooding or gas 
injection is defined as enhanced recovery. The more sophisticated enhanced 
methods may be initiated as a tertiary process if they follow waterflooding or 
gas injection, or they may be a secondary process if they follow primary recovery 
directly. Many of the enhanced recovery projects are implemented after water- 
flooding. (Enhanced recovery methods are discussed later.) 

Pressure Malntenance 

Pressure maintenance is a secondary recovery process that is implemented 
early during the primary producing phase before reservoir energy has been 
depleted. Pressure maintenance projects, which can be accomplished by the 
injection of either gas or water, will almost always recover more oil reserves 
than are recoverable by primary producing mechanisms. For example, the return 
of gas to the formation early in the primary producing history of a field will 
permit higher rates of oil production. 

Gas InJection 

Historically, both natural gas and air have been used in gas injection projects, 
and in some cases nitrogen and flue gases have been injected. Many of the early 
gas injection projects used air to immiscibly displace crude oil from reservoirs. 
The injection of hydrocarbon gas may result in either a miscible or immiscible 
process depending on the composition of the injected gas and crude oil 
displaced, reservoir pressure, and reservoir temperature. Hydrocarbon miscible 
injection is considered as an enhanced recovery process and is discussed later. 

Although the ultimate oil recovered from immiscible. gas injection projects 
will normally be lower than for waterflooding, gas injection may be the only 
alternative for secondary recovery under certain circumstances. If permeability 
is very low, the rate of water injection may be so low that gas injection is 
preferred. In reservoirs with swelling clays, gas injection may be preferable. In 
steeply-dipping reservoirs, gas that is injected updip can very efficiently displace 
crude oil by a gravity drainage mechanism; this technique is very effective in 
low-permeability formations such as fractured shales. In thick formations with 
little dip, injected gas (because of its lower density) will tend to override and 
result in vertical segregation if the vertical permeability i s  more than about 200 
md [254]. In thin formations especially if primary oil production has been by 
solution-gas drive, gas may be injected into a number of wells in the reservoir 
on a well pattern basis; this dispersed gas injection operation attempts to bank 
the oil in a frontal displacement mechanism. In addition to the external gas 
injection into reservoirs with dip as just described (which may be into a primary 
or secondary gas cap), a variation called attic oil recovery involves injection of 
gas into a lower structural position. If there is sufficient vertical permeability, 
the injected gas will migrate upward to create a secondary gas cap that can 
displace the oil downward where it is recovered in wells that are already drilled. 
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Volumetric calculations for gas injection are given in Table 5-34. The material 
balance equation for dispersed gas injection in a solution-gasdrive reservoir 
where there is no water influx, no water production, and no gas cap can be 
expressed in terms of the oil produced during an interval [254]: 

Table 5-34 
Volumetric Calculations for Gas Injection 

(5-201) 

Gas drive field with gas cap 

B So dR, + QoS0 dBo - (1 -So - S,) + m(i - S,) de, L - 
dS.= Bo dP kOPsB0 cb B, dP 

dP l + %  
Qs 

m = ratio of gas-cap pore volume to oil-zone pore volume, bblhbl or W M .  For each 1 
bbl of oil zone there will be m bbls gas cap. 

Reinjection of all produced gas-pressure maintenance 

Z I - 2 0 -  B S  dR R B S  dB (l-So-S,)dB, 
-=  dS, Bo dP B: dP B, dP 

dP 1-= 
B O  

Gas reinjection 

+ R e  
k,PoBo 
koPgB, 

Producing GOR R = - 

I = fraction of gas that is reinjected 

m = ratio of aas-cao volume to oil-zone volume 

From References 14 and 254. 



262 Reservoir Engineering 

where I is the constant fraction of the produced gas which is reinjected into 
the oil reservoir, B, is the oil formation volume factor at bubblepoint con- 
ditions, R is the producing gas-oil ratio, the subscripts 1 and 2 refer to the time 
increments at p1 and ps, the other standard terms are as already defied, and 
Ra,v is (R, + %)/2. As given in Table 5-34, the instantaneous gas-oil ratio, R, is: 

(5-202) 

where R, is the solution g a s 4  ratio, B is formation volume factor, k is per- 
meability, p is viscosity, and the subscripts o and g refer to oil and gas, 
respectively. The relative permeabilities are determined at the total liquid 
saturation, S,: 

(N-N,) - Bo s, = s, +so = s, +(l-S,) 
N Bob 

(5-203) 

The simultaneous solution of these three equations will provide estimates of oil 
produced at any chosen conditions for a dispersed-gas-drive injection project. 
Additional details can be found in Reference 254. 

Many of the flow equations and concepts for immiscible gas displacement are 
similar to those that will be presented later for waterflooding. Because of the 
importance of. water injection processes in U.S. operations, waterflooding 
concepts will be emphasized. 

Water Injection 

Water injection processes may be designed to: (1) dispose of brine water, 
(2) conduct a pressure maintenance project to maintain reservoir pressure 
when expansion of an aquifer or gas cap is insufficient to maintain pressure, 
or (3) implement a water drive or waterflood of oil after primary recovery. As 
mentioned before, waterflooding is the dominant secondary recovery process 
which accounts for about 50% of the current oil production in U. S. operations. 
Because of the importance of waterflooding, fluid displacement in waterflooded 
reservoirs is covered as a separate discussion in a later section. 

Spacing of Wells and Well Patterns 

Spacing of Wells 

One section (one s q  mile or 5,280 ft by 5,280 ft) is 640 acres. If wells are 
drilled evenly such that each well is theoretically assigned to drain 40 acres, 
the 16 wells per section would be as spaced as in Figure 5-148. Each 40 acres 
( v 4  mile by '/4 mile or 1,320 ft by 1,320 ft) would contain 40 x 43,560 or 
1,742,400 ft2. The 10-acre region in Figure 5-148 would measure 660 ft by 660 
ft and would contain 435,000 ft*. Similarly, a 20-acre region would contain 
871,200 ft* and would measure [20 x 871,200]1/4 or 933.4 ft by 933.4 ft. 

In many parts of the United States, 40-acre spacing or less is common for oil 
wells, and 160-acre or 320-acre spacing is common for gas wells. Because drilling 
costs increase considerably with depth, deeper wells may be on larger spacing. 
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Flgure 5-148. Well locations for 40-acre spacing. 

Injection Well Placement 

Wells may be spaced evenly or unevenly from each other baaed on surface 
topology, lease boundaries, regulations, or other factors. Many older fields were 
developed on irregular spacing. In more recent times, more uniform drilling 
patterns and well spacing have been used. 

In most cases when an injection project is started, primary recovery has been 
implemented and producing wells will already be in place. For some projects, a 
number of existing wells will be converted from producers to injectors, and in 
other cases, new injection wells will be drilled. In either event, the injection 
well placement must be compatible with the existing wells and should [133]: (1) 
take advantage of known reservoir uniformities or nonuniformities (fractures, 
directional permeability, regional permeabilities, dip, etc.), (2) provide sufficient 
fluid injection rate to yield the desired production rate, (3) maximize recovery 
with a minimum of production of the injected fluid, and (4) in most cases, 
require a minimum of new wells. Two general types of well locations are 
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common: (1) peripheral or central flooding where the injectors are grouped 
together, and (2) pattern flooding where certain patterns are repeated through- 
out the field. The relative location of injectors and producers depends on the 
geology and type of reservoir, the volume of reservoir swept, and the time 
limitations that affect economics. When possible, the injection scheme should 
take advantage of gravity, i.e., dipping or inclined reservoirs, gas caps, or 
underlying aquifers. 

Peripheral or Central Flooding 

In peripheral flooding, the injectors are located around the periphery so that 
the flood progresses toward the center as shown in Figure 5-149, When the first 
row of producers flood out, they are converted to injection status. This type of 
flood can result in maximum oil recovery with a minimum of produced injectant, 
and less injectant is required for a given mount of production, but a peripheral 
flood usually takes longer than a pattern flood. In general, adequate per- 
meability is required to permit movement of fluids at an acceptable rate with 
the available well spacing. Central flooding is the opposite case in which 
injectors are located in the center of the field, and the flood progresses outward 
(see Figure 5149). 

Pw 

pw central Flooding 
t 
n Oi l  I.w 

I W  
I 

Peripheral Flood 

--- 
Combination Central and Peripheral flood 

Flgure 5-149. Peripheral and central flooding. 

Okoducinp Well A W O b r  Injection Well .Gas Injection Well 
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A form of peripheral flooding is an end-to-end flood such as that shown in 
Figure 5-149. This type of injection could include the injection of gas into a 
gas cap or the injection of water into an aquifer. The choice of peripheral or 
repeating pattern flood is usually made on the basis of: formation permeability, 
formation dip, area and dimensions of the reservoir, and the initial production 
response that is acceptable. 

Pattern Flooding 

In pattern flooding, the injectors are distributed among the producers in some 
repeating fashion. Examples of the common repeating patterns are shown in 
Figure 5-150. Pattern flooding is very common, and the selection of the type 

DIRECT LINE DRIVE STAGGERED LINE DRIVE 

\ f 

/ \ 
\A---4/ \ /e---?, / 

/ 
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/ 

SEVEN- S POT INVERTED SEVEN-SPOT 

NORMAL NINE- SPOT INVERTED NINE-SPOT 

a injection well 
0 Production well --- Pattern boundary 

Figure 5-150. Well locations in pattern floods. 
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of pattern will depend on circumstances in a given field. If existing wells were 
drilled on square patterns, 5-spots and 9-spots are common, and both yield 
similar oil recovery and waterd ratio performance. If the injected fluid is more 
mobile than the displacing fluid (which is often the case, especially when oil 
viscosity is high), a pattern having more producers than injectors may be desired 
to balance the injection and production rates. In cases where the injected fluid 
is less mobile or when the formation permeability is low, a pattern having more 
injectors than producers may be desired. From an inspection of Figure 5150, 
the ratio of producers to injectors for the various patterns can be determined 
as given in Table 5-35. For either the normal (or regular) 5-spot or the inverted 
5-spot (inverted means one injector per pattern), the ratio of producers to 
injectors is 1:l; in this case, the distinction between normal and inverted is only 
important if a few patterns are involved, such as for a small pilot flood. For 
the "-spot and Sspot patterns, the distinction between normal and inverted 
patterns is more important. 

There is often confusion between well spacing (or density) and pattern size. 
As shown in Figure 5-151, the pattern area for a 5spot is twice the well spacing 
or well density, and the pattern area for a %spot is four times the well spacing. 
When information is given concerning patterns of a given size, the reader is 
cautioned to find out if well spacing or pattern size is intended. 

Dimensions of various distances for h p o t  patterns and Sspot patterns with 
different well spacings are given in Table 5-36. For the 9-spot pattern, s refers 
to the shortest distance from a side injection well and the central producer (the 
opposite for an inverted pattern), and 1 refers to the longest or lateral distance 
from injector to producer. For the 5-spot pattern, 1 is the lateral or straight-line 
distance from injector to producer, a refers to the distance between wells that 
are alike, and d refers to the distance between the dissimilar wells. Distances 
of d and a for the line drive pattern and staggered line drive pattern are shown 
in Figure 5-152; the 5-spot pattern is a special case of the staggered line drive 
when d/a is 0.5. 

Pattern selection is important because it can affect the area swept by the 
injected fluid. Areal or pattern sweep efficiency is discussed in the section under 
fluid movement in waterflooded reservoirs, but the principles apply to either 
water or gas injection. 

Table 5-35 
Well Patterns 

Ratio of 
Pattern producers to injectors 

Direct line drive 1 
Staggered line drive 1 
5-spot 1 
Normal 7-spot 1/2 
Inverted 7-spot 2 
Normal 9-spot 1 I3 
Inverted* 9-spot 3 

pattern 

Rectangle 
Offset line of wells 

Square 
Equilateral triangle 
Equilateral triangle 

Square 
Square 

From Reference 133. 
* Inverted One injection well per pattern 
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Figure 5-151. Pattern size for 9-spot and 5-spot patterns. 

Table 5-38 
Well Distances In &Spot and 9-Spot Patterns 

5 acres 10 acres 660 330 467 
10 acres 20 acres 933 467 660 
20 acres 40 acres 1,320 660 933 
40 acres 80 acres 1.867 933 1,320 

Well spacing 

5 acres 
10 acres 
20 acres 
40 acres 

20 acres 
40 acres 
80 acres 
le0 acres 

467 
660 
933 

1,320 

660 
933 

1,320 
1,867 
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Figure 5-152. Distances in line drive patterns [25]. 
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FLUID MOVEMENT IN WATERFLOODED RESERVOIRS 

Many of the principles discussed in this section also apply to immiscible gas 
injection, primary recovery by gravity drainage, and natural bottom-water drive. 
However, because of the importance of waterflooding in the United States, the 
emphasis is placed on fluid movement in waterflooded reservoirs. 

The importance of various factors that affect displacement of oil by water were 
discussed in the first section. In particular, the discussion on the effect of 
wettability on relative permeability characteristics is important in the under- 
standing of oil displacement during waterflooding. 

Several textbooks on waterflooding are available [ 133,254,276-2781. The 
source most often referred to in this section is the excellent SPE monograph 
by Craig [133]; many of the principles in this monograph are summarized in 
the Interstate Oil Compact Commission text [277] and in an SPE paper [279]. 
The text by Smith [254] contains many useful aspects of waterflooding, and the 
recent SPE text 12781 contains a more thorough and mathematical treatment of 
the subject. 

Displacement Mechanisms 

Under ideal conditions, water would displace oil from pores in a rock in a 
piston-like manner or at least in a manner representing a leaky piston. However, 
because of various wetting conditions, relative permeabilities of water and oil 
are important in determining where flow of each fluid occurs, and the manner 
in which oil is displaced by water. In addition, the higher viscosity of crude oil 
in comparison to water will contribute to nonideal displacement behavior. 
Several concepts will be defined in order that an understanding of displacement 
efficiencies can be achieved. 

Buckley-Leverett Frontal Advance. By combining the Darcy equations for the 
flow of oil and water with the expression for capillary pressure, Leverett [loo] 
provided an equation for the fractional flow of water, fw,at any point in the 
flow stream: 

(5-204) 

where f, = fraction of water in the flowing stream passing2ny point in the rock 
(i.e., the water cut) 

k = formation permeability 
k, = relative permeability to oil 
k, = effective permeability to oil 
k, = effective permeability to water 
p,, = oil viscosity 
p, = water viscosity 
vt = total fluid velocity (i.e., qJA) 
Pc = capillary pressure = p, - p,, = pressure in oil phase m i n u s  pressure 

in water phase 
L = distance along direction of movement 
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g = acceleration due to gravity 
Ap = water-oil density differences = p, - po 
ud = angle of the formation dip to the horizontal. 

This equation is derived in an appendix in the monograph by Craig [133]. 
Because relative permeabilities and capillary pressure are functions of only fluid 
saturation, the fractional flow of water is a function of water saturation alone. 
In field units, Equation 5-204 becomes [133]: 

1+0.001127J- :(z -- 0.433Apsinad 
f, = 

1+-- P w  ko 
P o  k w  

(5-205) 

where permeability is in md, viscosities are in cp, area is in sq ft, flow rate is 
in B/D, pressure is in psi, distance is in ft, and densities are in g/cc. 

In practical usage, the capillary pressure term in Equation 5-204 is neglected 
[133]: 

I---  km (g Apsinu,) 

1+-- P w  k o  
v Po f, = 

P o  k w  

(5-206) 

and for a horizontal displacement of oil by water, the simplified form of this 
equation is [13S]: 

1 f, = 
I+-- P w  k m  

P o  k, 
(5-207) 

Examples of idealized fractional flow curves, f, vs. S,, are given in Figure 5-153 
for strongly water-wet and strongly oil-wet conditions [133]. 

Based on the initial work of Leverett [loo], Buckley and Leverett [152] 
presented equations to describe an immiscible displacement in one-dimensional 
flow. For incompressible displacement, the velocity of a plane of constant water 
saturation traveling through a linear system was given by: 

(5-208) 

where q is the flow rate in cc/sec (or ft3/D), A is the cross-sectional area in 
cm* (or ft'), t) is the fractional porosity, v is the velocity or rate of advance in 
cm/sec (or ft/ D), and (af,/aS,,) is the slope of the curve of f,, vs. S,. This 
equation states that the rate of advance or velocity of a plane of constant water 
saturation is directly proportional to the derivative of the water cut at that water 
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Figure 5-153. Effect of water saturation on relative permeabilities and 
fractional flow of water [133]. 

saturation. By integrating Equation 5-208 for the total time since the start of 
injection, the distance that the plane of given water saturation moves can be 
given by: 

(5-209) 

where Wi is the cumulative water injected and L is the distance that a plane of 
given saturation has moved. 
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If L is the distance from injector to producer, the time of water breakthrough, 
kt, is given by: 

tbt = -- q p,, (5-2 10) 
A@ as, 

Equation 5-209 can be used to calculate the saturation distribution in a linear 
waterflood as a function of time. According to Equation 5-209, the distance 
moved by a given saturation in a given time interval is proportional to the slope 
of the fractional flow curve at the saturation of interest. If the slope of the 
fractional flow curve is graphically obtained at a number of saturations, the 
saturation distribution in the reservoir can be calculated as a function of time. 
The saturation distribution can then be used to predict oil recovery and required 
water injection on a time basis. A typical plot of dfw/dSw vs. S, will have a 
maximum as shown in Figure 5-154. However, a problem is that equal values 
of the slope, dfw/dSw, can occur at two different saturations which is not 
possible. To overcome this difficulty, Buckley and Leverett [ 1521 suggested that 
a portion of the saturation distribution curve is imaginary, and that the real 
curve contains a saturation discontinuity at the front. Since the Buckley-Leverett 
procedure neglects capillary pressure, the flood front in a practical situation 
will not exist as a discontinuity, but will exist as a stabilized zone of finite length 
with a large saturation gradient. 

Welge Graphical Technique. A more simplified graphical technique was pro- 
posed by Welge [153] which involves integrating the saturation distribution from 
the injection point to the front. The graphical interpretation of this equation 
is that a line drawn tangent to the fractional flow curve from the initial water 
saturation (Swi) will have a point of tangency equal to water saturation at the 
front ( S d ) .  Additionally, if the tangent line is extrapolated to f, = 1, the water 
eturation will correspond to the average water saturation in the water bank, 
S,. Construction of a Welge plot is shown in Figure 5-155. The tangent line 
should be drawn from the initial water saturation even if that saturation is 
greater than the irreducible water saturation. 

Welge derived an equation that relates the average displacing fluid saturation 
to the saturation at the producing end of the system: 

- 
S ,  - S, = Q fO4 (5-211) 

where s, = average water saturation, fraction of PV 
S,, = water saturation at the producing end of the system, fraction of PV 
Q = pore volumes of cumulative injected fluid, dimensionless 
fo2 = fraction of oil flowing at the outflow end of the system 

Equation 5-211 is important because it relates to three factors of prime impor- 
tance in waterflooding [133]: (1) the average water saturation and thus the total 
oil recovery, (2) the cumulative injected water volume, and (3) the water cut 
and hence the oil cut. 

Welge also related the cumulative water injected and the water saturation at 
the producing end: 



4 

3 

d f W  
dSW 

2 

I 

Fluid Movement in Waterflooded Reservoirs 273 

-.. 

.............. . 

.... 

0 
IO 20 30 40 50 60 7 0  

sw , O/O 

Figure 5-154. Change in fractional flow of water with change in water 
saturation [133]. 

1 
Qi = 

(5-212) 

Thus, the reciprocal of the slope of the tangent line gives the cumulative water 
influx at the time of water breakthrough. When a value of Qi and the injection 
rate are known, the time to reach that stage of the flood can be computed. 
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- For a liquid-filled, linear system, the average water saturation at breakthrough, 
Swbr, is: 

(5-213) 

where Siw is the irreducible or connate water saturation. If Equation 5-209 is 
substituted into Equation 5-213: 

- 1 s -siw s,, - s, = - = wf 

(df,l f, (5-214) 

where S ,  is the water saturation at the flood front and fw, is the water cut at 
the flood front. After breakthrough, water saturation is obtained from Equations 
5-211 and 5-212 where, as mentioned earlier: (1) the tangent point, S,, repre- 
sents the water saturation at the producing end of the system, (2) the value of 
E, at the point of tangency is the producing water cut, (3) the saturation at which 
the tangent intersects fw = 1.0 is the average water saturation, and (4) the inverse 
of the slope of the tangent line is equal to the cumulative injected fluid in pore 
volumes (Qi). If connate water is mobile, appropriate corrections need to be 
made [133]. 

Oil production at breakthrough can be computed from [278]: 

(5-215) 

After water breakthrough, a number of saturations greater than Sw,are selected; 
the slope of the tangent line and average water saturation are determined for 
each value of Sw chosen. Oil production after breakthrough is then determined 
by observing the change in water saturation [278]: 

ANp = -(Sw - -3**) 
Bo (5-2 16) 

The incremental oil production from Equation 5-216 can be added to the 
breakthrough production from Equation 5-215, and the resulting total production 
for the linear system can be listed as a function of Sw, time, or other parameters. 
If the pore volumes in these equations are in ft3, divide by 5.615 to get barrels. 

Viscous Flngering 

A problem often encountered in the displacement of oil by water is the 
viscosity contrast between the two fluids. The adverse mobility ratios that result 
promote fingering of water through the more viscous crude oil and can reduce the 
oil recovery efficiency. An example of viscous fingering is shown in Figure 5-156. 
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Flgure 5-156. Viscous fingering. 

Moblllty and Mobility Ratlo 

Mobility of a fluid is defined as the ratio of the permeability of the formation 
to a fluid, divided by the fluid viscosity: 

(5-217) 

where h = mobility, mwcp 
k = effective permeability of reservoir rock to a given fluid, md 
p = fluid viscosity, cp 

When multiple fluids are flowing through the reservoir, relative permeabilities 
must be used along with viscosities of the fluids. By convention, the term 
mobility ratio is defined as the mobility of the displacing fluid divided by the 
mobility of the displaced fluid. For waterfloods, this i s  the ratio of water to 
oil mobilities. Thus the mobility ratio, M, for a waterflood is: 

(5-218) 

where k, and km, are relative permeabilities to water and oil, respectively, po is 
oil viscosity and pw is water Viscosity. Prior to 1957, there was no accepted 
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definition, and many workers defined mobility ratio as oil to water mobility; in 
this case, the reciprocal of mobility ratio (as now accepted) must be used. The 
oil mobility used in Equation 5-213 refers to the location in the oil bank ahead 
of the flood front. For the water mobility, there are several possibilities regard- 
ing the location at which the relative permeability should be chosen: at the flood 
front, at residual oil saturation where only water is flowing (end point), or at 
some intermediate saturation. Craig [133] found a better correlation if the water 
mobility was determined at the average water saturation behind the flood front 
at water breakthrough. Thus for the mobility ratio expression, the relative 
permeability of water is found at the average water saturation at water break- 
through as determined by the Welge graphical approach. As Craig notes, the 
mobility ratio of a waterflood will remain constant before breakthrough, but it 
will increase after water breakthrough corresponding to the increase in water 
saturation and relative permeability to water in the water-contacted portion of 
the reservoir. Unless otherwise specified, the term mobility ratio is taken to be 
the value prior to water breakthrough. As will be discussed later in this section, 
mobility ratio is important in determining the volume of reservoir contacted 
by the waterflood. 

Recovery Efficiency 

Recovery efficiency is the fraction of oil in place that can be economically 
recovered with a given process. The efficiency of primary recovery mechanisms 
will vary widely from reservoir to reservoir, but the efficiencies are normally 
greatest with water drive, intermediate with gas cap drive, and least with solution 
gas drive. Results obtained with waterflooding have also varied. The waterflood 
recovery can range from less than the primary recovery to as much as 2.5 times 
the recovery obtained in some solution-gas drive reservoirs. A recent statistical 
analysis by the API [239] provided the average primary and secondary recovery 
efficiencies in Table 5-37. Generally, primary and ultimate recoveries from 
carbonate reservoirs tend to be lower than from sandstones. For pattern water- 
floods, the average ratio of secondary to primary recovery ranges from 0.33 in 
California sandstones to greater than one in Texas carbonates. For edge water 
injection, the secondary-to primary ratio ranged from an average of 0.33 in 
Louisiana to 0.64 in Texas. By comparison, secondary recovery for gas injection 
into a gas cap averaged only 0.23 in Texas sandstones and 0.48 in California 
sandstones. Ultimate primary and secondary recovery performance for different 
drive mechanisms are given in Table 5-38. Solution-gas-drive reservoirs will 
generally have higher oil saturations after primary recovery, and are usually the 
better candidates for waterflooding. 

Displacement of oil by waterflooding is controlled by f hid viscosities, oil-water 
relative permeabilities, nature of the reservoir rock, reservoir heterogeneity, 
distribution of pore sizes, fluid saturations (especially the amount of oil present), 
capillary pressure, and the location of the injection wells in relation to the 
production wells. These factors contribute to the overall process efficiency. Oil 
recovery efficiency (E,) of a waterflood is the product of displacement efficiency 
(E,) and volumetric efficiency (E"), both of which can be correlated with 
fluid mobilities: 

E, = E,E, = E,E,E, (5-219) 

where E, = overall reservoir recovery or volume of hydrocarbons recovered 
divided by volume of hydrocarbons in place at start of project 
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Table 5-37 
Ultlmate Recovery (Primary Plus Secondary) 

Recovery eff iclency Ultimate 
recovery 

at Secondary 
average Average to 

OOlP OOlP Primary Secondary Ultimate primary 
BlNAF BDJAF 96 OOlP % OOlP % OOlP ratio 

Pattern waterfloods 
California sandstones 
Louisiana sandstones 
Oklahoma sandstones 
Texas sandstones 
Wyoming sandstones 
Texas carbonates 
Edge water injection 
Louisiana sandstones 
Texas sandstones 
Gas injection info cap 
California sandstones 
Texas sandstones 

1,311 
1,194 

728 
942 
774 
388 

1,181 
897 

909 
957 

463 
61 1 
201 
362 
346 
123 

680 
499 

396 
412 

26.5 8.8 35.3 0.33 
36.5 14.7 51.2 0.40 
17.0 10.6 27.6 0.62 
25.6 12.8 38.4 0.50 
23.6 21.1 44.7 0.89 
15.5 16.3 31.8 1.05 

41.3 13.8 55.1 0.33 
34.0 21.6 55.6 0.64 

29.4 14.2 43.6 0.48 
35.3 8.0 43.3 0.23 

From References 239 and 243. 
Recovery Efficiency: Average value of the recoverable oil divided by the average value of the 
original oil-in-place for the reservoirs in the classification. 
OOIP: Original oil-in-place 
B/NAF: Barrels per net acre-ft 

Table 5-38 
Secondary Recovery Efficiencies 

Primary plus Ratio 
secondary of secondary 
recovery to primary 

Secondary recovery etficiency recovery 
method Lithology State (% OOIP) efficiency 

Pattern waterflood Sandstone California 35 0.33 
Louisiana 51 0.40 
Oklahoma 28 0.62 
Texas 38 0.50 
Wyoming 45 0.89 

Pattern waterflood Carbonates Texas 32 1.05 
Edge water injection Sandstone Louisiana 55 0.33 

Texas 56 0.64 
Gas cap injection Sandstone California 44 0.48 

Texas 43 0.23 

From References 239 and 243. 
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E, = volume of hydrocarbons (oil or gas) displaced from individual pores 
or small groups of pores divided by the volume of hydrocarbons 
in the same pores just prior to displacement 

E, = pattern sweep efficiency (developed from areal efficiency by proper 
weighting for variations in net pay thickness, porosity, and hydro- 
carbon saturation): hydrocarbon pore space enclosed behind the 
injected-fluid front divided by total hydrocarbon pore space of the 
reservoir or project 

E, = hydrocarbon pore space invaded (affected, contacted) by the injec- 
tion fluid or heat-front divided by the hydrocarbon pore space 
enclosed in all layers behind the injected fluid 

Displacement Sweep Efficiency (ED) 

Factors affecting the displacement efficiency for any oil recovery process are 
pore. geometry, wettability (water-wet, oil-wet, or intermediate), distribution of 
fluids in the reservoir, and the history of how the saturation occurred. Results 
are displayed in the relative permeability curves (Figure 5-153) from which the 
flowing water saturation (or conversely the oil saturation) can be obtained at 
any total fluid saturation. As shown in Figure 5-157, displacement efficiencies 
decrease as oil viscosities increase [139]. 

Volumetric Sweep Efficiency (E,) 

Whereas displacement efficiency considers a linear displacement in a unit 
segment (group of pores) of the reservoir, macroscopic or volumetric sweep takes 

"20 30 40 10 60 70 80 
WATER SATURATION.% PORE VOL. 

IO 20 30 40 50 60 10 
WATER SATURATION.% PORE VOL. 

Figure 5-157. Effect of oil viscosity on fractional flow of water 1331. 
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into account that fluid (i.e., water) is injected at one point in a reservoir and 
that other fluids (i.e., oil, water) are produced from another point (Figure 5-158). 
Volumetric sweep efficiency, the percentage of the total reservoir contacted by 
the injected fluid (often called fluid conformance), is composed of areal (or 
pattern) efficiency and vertical sweep. 

WATER _.) 

RESERVOIR ROCK 

MICROSCOPIC SWEEP 

IN  J ECTlO N 
WELL 

WATER 
1 

PRODUC I NG 
WELL 

A R E A L  SWEEP 

OIL AND WATER 
4 

I N J ECTlON PRODUCING 
WELL WELL 

VERTICAL SWEEP 

Figure 5-158. Sweep efficiencies. 
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Areal or Pattern Sweep Efficiency (E,) 

Areal sweep efficiency of an oil recovery process depends primarily on two 
factors: the flooding pattern and the mobilities of the fluids in the reservoir. 
In the early work on sweep efficiency and injectivity, Muskat and coworkers 
[25,280] presented analytical solutions for direct line drive, staggered line drive, 
hpot,  ?spot, and $spot patterns (patterns were discussed earlier; see Figure 5150). 
Experimental studies on the effect of mobility ratio for different patterns were 
presented by Dyes, Caudle, and Erickson [281] (5-spot and line drives); Craig, 
Geffen, and Morse [282], Prats et al. [283], Caudle and Witte [284], and 
Haberman [285] (5-spot); and Kimbler, Caudle, and Cooper [286] (9-spot). The 
effect of sweepout beyond the pattern area was studied as well [287,288]. From 
a mathematical study the breakthrough sweep efficiency of the staggered line 
drive was presented by Prats [289]. A comparison of the areal sweep efficiency 
and the ratio d/a is shown in Figure 5-159 for direct and staggered line drives 
[25,289], and a review of the early work was provided by Crawford [290]. 

Areal sweep efficiency at breakthrough for a 5-spot pattern is shown in Figure 
5-160, and the effect of mobility ratio on areal sweep is shown in Figure 5-161. 
These figures show that areal sweep efficiency is low when mobility ratio is high 
(note that the data in Figure 5-161 from Dyes, Caudle and Erickson are plotted 
in terms of the reciprocal of mobility ratio as currently defined). Areal sweep 
efficiencies at breakthrough, for different patterns and a mobility ratio of one, 
are summarized in Table 5-39 [133,277,279]. 

Areal sweep efficiency is more important for considering rate vs. time 
behavior of a waterflood rather than ultimate recovery because, at the economic 
limit, most of the interval flooded has either had enough water throughput to 
provide 100% areal sweep or the water bank has not yet reached the producing 
well so that no correction is needed for areal sweep [133]. 

When waterflooding calculations are performed, especially with computers 
or programmable calculators, the use of equations with adjustable coefficients 

I I I I I I I I I 

- - 

- - 

I Direct Line Drive - Muskat 
2 Staggered Line Drive- Muskat 
3 Staggered Line Drive - Prats 

- - 

- - 
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Figure 5160. Effect of mobility ratio on areal sweep efficiency at 
breakthrough for a 5-spot pattern [la]. 
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Flgure 6-181. Effect of mobility ratio on areal sweep efficiency after 
breakthrough for a 5-spot pattern [281]. 
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Table 5-39 
Areal Sweep Efficiency at Breakthrough (M = 1) 

Type of pattern E,, % 12791 E,, % [2771* 

Direct line drive (d/a = 1) 
Direct line drive (d/a = 1.5) 
Staggered line drive 
5-spot 
7-spot 
9-spot diagonal/directional rate 

0.5 
1 
5 

10 

57.0 
70.6 
80.0 
72.3 
74.0 

57 

75 (d/a = 1) 
- 

68-72 
74-82 

49 
54 
69 
78 

~ ~ ~ ~ 

From Reference 133. 
Based on summary of data presented by Craig. 

are very useful. Recently, Fassihi [291] provided correlations for the calculation 
of areal and vertical sweep efficiencies. For these correlations of areal sweep, 
the data of Dyes, Caudle, and Erickson [281] were curve-fitted and the resulting 
equation was: 

'- 
= [a, ln(M + as )+  a,]f, + a4 In(M + a,)+ as 

E, (5-220) 

where E, is the -areal sweep efficiency which is the fraction of the pattern area 
contacted by water, M is the mobility ratio, and the coefficients are as listed in 
Table 5-40 for the 5-spot, direct line drive, and staggered line drive. These 
coefficients are valid both before and after breakthrough, and apply to mobility 
ratios between zero and ten, which is within the range observed in many 
waterfloods. For the 5-spot pattern, these values of E, are generally higher than 
in later experiments, and a correction has been suggested by Claridge [292] that 
should be multiplied by the E, from the Dyes et al. data: 

E, = EPPd 
{M0.5 -[(M - 1)(1- Ep/V,)]0.5}' (5-221) 

Table 5-40 
Coefficlents in Areal Sweep Eff lclency Corretatlons 

Coefficient 5-SpOt Direct line drive Staggered line drive 

- 0.2062 - 0.3014 - 0.2077 
- 0.0712 - 0.1568 - 0.1059 
- 0.511 - 0.9402 - 0.3526 

a, 
a2 

a3 
a4 0.3048 0.3714 0.2608 
a5 0.123 - 0.0865 0.2444 
a, 0.4394 0.8805 0.3158 

From Reference 291. 
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where E,, is the volumetric sweep efficiency in a linear displacement, V, is the 
displaceable pore volumes injected, and the other terms are as already defined. 

Vertical or invasion Sweep Efficiency (E,) 

For well-ordered sandstone reservoirs, the permeability measured parallel to 
the bedding planes of stratified rocks is generally larger than the vertical 
permeability. For carbonate reservoirs, permeability (and porosity) may have 
developed after the deposition and consolidation of the formation; thus the 
concept of a stratified reservoir may not be valid. However, in stratified rocks, 
vertical sweep efficiency takes into account the inherent vertical permeability 
variations in the reservoir. Vertical sweep efficiency of a waterflood depends 
primarily upon the vertical distribution of permeabilities within the reservoir, 
on the mobility of fluids involved, and on the density differences between 
flowing fluids. As a result of nonuniformity of permeabilities in the vertical 
direction, fluid injected into an oil-bearing formation will seek the paths of least 
resistance and will move through the reservoir as an irregular front. Con- 
sequently, the injected fluid will travel more rapidly in the more permeable zones 
and will travel less rapidly in the tighter zones. With continued injection and 
displacement of some of the resident fluids, the saturation of the injected fluid 
will become greater in the more permeable areas than in the low-permeability 
strata. This can cause early breakthrough of injected fluid into the producing 
wells before the bulk of the reservoir has been contacted. In addition, as the 
saturation of the injected fluid increases in the highly permeable zones, the 
relative permeability to that fluid also increases. All of these effects can lead 
to channeling of the injected fluid, which is aggravated by the unfavorable 
viscosity ratio common in waterflooding. In many cases, permeability stratifica- 
tion has a dominant effect on behavior of the waterflood. 

Permeability Variation 

Two methods of quantitatively defining the variation in vertical permeabilities 
in reservoirs are commonly used. The extent of permeability stratification is 
sometimes described with the Lorenz coefficient [293] and is often described 
with the Dykstra-Parsons [294] coefficient of permeability variation. 

Lorenz Coefficient. Schmalz and Rahme [293] suggested arranging the vertical 
distribution of permeabilities from highest to lowest, and plotting the fraction 
of total flow capacity (kh) versus the fraction of total volume (h9). To obtain 
the Lorenz coefficient (see Figure 5-162), the area ABCA is divided by the area 
ADCA. Values of the Lorenz coefficient can range from zero for a uniform 
reservoir to a theoretical maximum value of one. However, the Lorenz coefficient 
is not a unique measure of stratification, and several different permeability 
distributions can give the same Lorenz coefficient [133]. 

Dykstra-Parsons Coefficient of Permeability Variation. The coefficient of 
permeability variation described by Dykstra and Parsons [294] is also referred 
to as the permeability variation or permeability variance. This method assumes 
that vertical permeabilities in a reservoir will have a log-normal distribution. 
The procedure outlined by Dykstra and Parsons w a s  to: (1) divide permeabilities 
(usually from core analysis) so that all samples are of equal thickness (often 1 ft), 
(2) arrange the permeabilities in descending order from highest to lowest, (3) cal- 
culate for each sample the percent of samples that have a higher permeability 
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Figure 5-162. Lorenz coefficient plot [133]. 

(see example in Table 5-41), (4) plot the data from Step 3 on log-probability 
paper (see Figure 5-163) (5) draw the best straight line through data (with less 
emphasis on points at the extremities, if necessary), (6) determine the permeability 
at 84.1% probability (kM,l) and the mean permeability at 50% probability (kJ, 
and (7) compute the permeability variation, V: 

(5-222) 

As with the Lorenz coefficient, the possible values of the Dykstra-Parsons 
permeability variation range from zero for a uniform reservoir to a maximum 
value of 1. In some cases, there may be a direct relation between the Lorenz 
and Dykstra-Parsons coefficients [295], but in many instances a direct relation- 
ship with field data will not be observed. Often, insufficient data are available 
to provide enough samples for adequate analysis, and in some cases, the data 
may not provide a log-normal distribution. In the remainder of this chapter, 
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Table 5-41 
Data for Permeabilitv Variation Plot 

Percent of samples with 
greater than stated 

Permeability (md) Permeability 

950 0 
860 5 
640 10 
380 15 
340 20 
280 25 
21 0 30 
160 35 
135 40 
130 45 
110 50 
78 55 
65 60 
63 65 
54 70 
40 75 
27 80 
21 85 
20 90 
15 95 

the term permeability variation will refer to the Dykstra-Parsons coefficient of 
permeability variation. 

Increasing values of permeability variation indicate increasing degrees of 
vertical heterogeneity in a reservoir. Permeability variations often range from 
about 0.5 to 0.8; lower numbers may be observed for relatively uniform reservoirs, 
and higher numbers may be calculated for very nonuniform reservoirs. Using 
the data from Dykstra and Parsons, Johnson [296] provided a graphical tech- 
nique to estimate recovery during an immiscible displacement. One of Johnson’s 
plots is reproduced in Figure 5-164 for a producing water-oil ratio (WOR) of 
100 which could represent the economic limit for many waterfloods. Lines of 
constant recovery are given as functions of permeability variation and mobility. 
Johnson also provided plots for WOR = 1, WOR = 5, and WOR = 25. At any 
WOR, an increase in vertical permeability variation yielded a lower recovery. 
As will be discussed later under prediction methods, the Dykstra-Parsons 
fractional recovery, R, as a percent of oil in place, must be multiplied by the 
areal sweep efficiency, Ep, to obtain an estimate of the oil recovered. 

As mentioned earlier, correlations for calculating vertical and areal sweep 
efficiencies were recently provided by Fassihi [291]. The correlating parameter, 
Y, for vertical coverage, C, is: 

Y = a,Ct (1 - C)% (5-223) 

where a, = 3.334088568 
= 0.7737348199 

-1.225859406 
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Figure 5-163. Dykstra-Parsons plot of permeability variation [133,294]. 

where the equation for Y was given by deSouza and Brigham [297] in terms of 
water-oil ratio (WOR), mobility ratio (M), and permeability variation (V): 

(WOR+ 0.4)(18.948- 2.499V) 
(M+1.137-0.8094V)f'V' 

Y =  (5-224) 

where f(V) = -0.6891 + 0.9735V + 1.6453V 

These equations are valid for mobility ratios ranging from 0 to 10 and for 
permeability variations ranging from 0.3 to 0.8. 

Based on calculations of WOR vs. oil recovery for a 5-spot pattern, Craig [298] 
found that there was a minimum number of equal thickness layers required to 
obtain the same performance as with 100 layers. Table 5-42 shows the effect of 
permeability variation and mobility ratio on the minimum number of layers for 
WORs above 10. Craig [298] presented similar tables for lower WORs. 
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Figure 5-164. Effect of permeability variation and mobility ratio on vertical 
sweep efficiency at WOR = 100 [296]. 
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From Reference 298. 
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A recent analytical extension [299] of the Dykstra-Parsons method allows 
calculations of total flow rates and flow rates in each layer for both a constant 
injection rate and for a constant pressure drop. The ability to calculate cumula- 
tive injection into a layer allows the incorporation of sweep efficiency of each 
layer as a function of mobility ratio and displaceable pore volumes injected for 
the pattern used in the waterflood. 

Crossflow. In the usual cases where there is vertical communication between 
the different layers of varying permeabilities, the effect of vertical crossflow must 
be considered [300,301]. Goddin et al. [301] performed a numerical simulation 
in a 2-D, 2-layer, water-wet system. For mobility ratios ranging from 0.21 to 0.95, 
oil recovery with crossflow was between that computed for a uniform reservoir 
and that for a layered reservoir with no crossflow. Goddin et al. [301] defined 
a crossflow index, which is a measure of the extent the performance varies from 
that of a uniform permeability system: 

N,, - N,, 
N, - N p d  

crossflow index = (5-225) 

where NPU = oil recovery from uniform system with the average permeability 
N, = oil recovery from layered system with crossflow 

Npnd = oil recovery from stratified system with no crossflow 

Of the variables investigated, mobility ratio and the permeability ratio of the 
two layers had the largest effect on crossflow (see Figures 5165 and 5-166, 
respectively). Crossflow was more pronounced at lower mobility ratios or at high 
ratios of layer permeabilities. The crossflow index of one means that the 
performance of the layered system with crossflow is identical to the performance 
of the system with uniform permeability. 

Still at issue is the relative importance of mobility ratio and gravity in 
waterflooding stratified reservoirs [302-3061. For wetting conditions that are 
not strongly water-wet, additional complications will arise. 

Estimates of Volumetrlc Sweep Efficiency. Volumetric sweep efficiency ranges 
from about 0.1 for very heterogeneous reservoirs to greater than 0.7 for 
homogeneous reservoirs with good flooding characteristics [278]. For a liquid- 
filled, 5spot pattern, Craig [298] found that the volumetric sweep efficiency (EJ 
at breakthrough decreases sharply as the permeability variation increases (see 
Figure 5-167). Similar trends were observed for initial gas saturations of 10% 
and 20%. These data indicated that the major effect of mobility ratio on E, at 
breakthrough occurs for mobility ratios ranging fmm 0.1 to 10. 

More recent simulations [307] of 5-spot patterns with a streamtube model 
yielded the volumetric sweep efficiencies shown in Figures 5-168 and 5-169 for 
WORs of 25 and 50, respectively. Mobility ratios of 0.1, 1, 10, 30, and 100 were 
used. The permeabilities in the 100-layer model were assumed to have a log- 
normal distribution, and pseudo-relative permeability expressions were used. In 
a companion paper [308] the streamtube model (no crossflow) was compared 
to the Dykstra-Parsons method (no crossflow) and with a model having the 
assumption of equal pressure gradient in each layer (with crossflow). The 
streamtube model was more closely described by the model with vertical 
communication for unfavorable (high) mobility ratios and by the Dykstra-Parsons 
model for favorable (low) mobility ratios. 

( t a t  continued on page 292) 
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Figure 5-168. Effect of permeability variation and mobility ratio on volumetric 
sweep at breakthrough [307]. 
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(text continucd j v m  page 289) 

Estimation of Waterflood Recovery by Material Balance 

Oil recovered by waterflooding, Np+ in STB, can be estimated from [278]: 

7,758Ah@[S, - E 3 S ,  - (1 - E,)S,] 
N, = 

B o  
(5226) 

where 7,758 is the number of barrels per acre-ft, A is areal extent of the 
reservoir in acres, h is reservoir thickness in ft, $ is the fi-actional porosity, S 
is the oil saturation at the start of waterflooding, S, is the waterflood residua 
oil saturation, S, is the initial oil saturation, Bo is the oil formation volume 
factor, and is the volumetric sweep or fraction of the reservoir volume swept 
by the injected water when the economic limit has been reached. In terms of 
the original oil in place, the waterflood recovery is [278]: 

(5-227) 
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where N = oil potentially recoverable by waterflooding, STB 
Pj = initial oil in place, STB 

NP = oil produced during primary operations, STB 
Boi = initial FVF 

These equations can be altered to include a residual gas saturation, if present. 
The volumetric sweep efficiency can be estimated from one of the correla- 
tions given previously or can be obtained from an analogy from similar water- 
flood projects. 

Prediction Methods 

An extensive survey on prediction of waterflood performance was provided 
by Craig [133]. Of the methods reviewed, three appeared most promising: 
(1) the Higgins-Leighton streamtube model [309], (2) the Craig, Geffen, and 
Morse model [282], and (3) the Prats et al. method [283]. Discussion of the 
various prediction methods is beyond the scope of this text, and only two very 
simple methods will be presented for illustrative purposes. Both the Dykstra- 
Parsons [294] and Stiles [310] methods are very cursory and, if used, they are 
normally followed by more extensive evaluations, usually by computer simulation. 

For either the Dykstra-Parsons or Stiles methods, the permeabilities are 
arranged in descending order. For the Dykstra-Parsons method, the permeability 
variation is determined as described earlier. Two options are then possible: a 
progrim [311] for hand-held calculators can be used, or the graphical technique 
presented by Johnson [296] can be used. The fractional recovery, R, (see Figure 
5-164 for example) expressed as a fraction of the oil in place when the waterf- 
lood is started, muii be multiplied by the areal sweep efficiency (for example 
from Figure 5-161) to obtain the waterflood recovery. 

For the Stiles technique, a program [312] for hand-held calculators is available 
or the procedure summarized in Table 5-43 can be used. A straightforward 
presentation of the Stiles method is in the text by Craft and Hawkins [17]. The 
fractional recovery obtained with the Stiles method is a fraction of the recover- 
able oil (ST - Sm) that has been recovered at a given reservoir water cut. Since 
a water-oil ratio (WOR) is measured at surface conditions, the fractional water 
cut at reservoir conditions, fw, is obtained (assuming B, = 1.0) from: 

WOR 
WOR + Bo f, = (5-228) 

where Bo is the oil formation volume factor. 

Performance Evaluation 

Monitoring waterflood performance is crucial to the success of the flood. 
From a reservoir engineering standpoint, the primary concerns are water 
injectivity and oil productivity. A few important factors related to these concerns 
will be summarized. 

Injectivlty and lnjectivlty Index. Whereas productivity index was the ability 
of a well to produce hydrocarbons, injectivity index, I, in B/D/psi, is a measure 
of the ability of a well to accept fluids [17]: 
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Table 5-43 
Stiles Method of Calculating Waterflood 

Performance in Stratified Reservoirs 

Ikjh, +IC, - c,)l 
klht 

R =  

R = fraction of recoverable oil that has been produced 
ct = total capacity of formation (md-ft) 
9 = mid-ft which have been completely flooded with water 
h, = total net thickness of formation (ft) 
h, = total net thlckness flooded (ft) 5 = permeability of layer just flooded out 

Reservolr conditions at I? W. Surface conditions 

Mcj 

f , = fractional flow of water 

f, = 
[Mc, + (ct - c,)l 

8, = oil formation volume factor 

B, = water formation volume factor 

From Reference 17. 

(5-229) 

where q, is the flow rate in B/D at surface conditions, P, is the flowing 
bottomhole pressure in psi, and P, is the external pressure in psi. Some engineers 
express injectivity in terms of u p w  so that when injectivity is given, the reader 
is cautioned to understand what base pressure was intended. By dividing I by 
reservoir thickness, a specific injectivity index (specific to one well) can be 
obtained in B/D/psi/ft. In addition to expressing injectivity in terms of fluid 
injection rate in B/D, injectivity also is given as B/D/ac-ft and B/D/net ft of 
producing interval. Values of injectivity depend on properties of the reservoir 
rock, well spacing, injection water quality, fluid-rock interactions, and pressure 
drop in the reservoir. Typical values of injectivity are in the range of 8-15 B/ 
D/net ft or 0.75-1.0 B/D/net ac-ft. In waterflooding operations, water injection 
may begin into a reservoir produced by solution-gas-drive in which a mobile gas 
saturation exists, or injection may begin prior to the development of a mobile 
gas saturation. In the latter case, the system can be considered filled with liquid. 

InJectivltles for Varlous Flood Patterns. Analytical expressions for liquid-filled 
patterns were given by Muskat [25] and Deppe [SlS] for a mobility ratio of one 
(see Table 5-44). While these exact analytical solutions can be developed for 
steady-state pressure distributions, the equations in Table 5-44 cannot be used 
directly if the mobility is not one. However, the equations are useful in estimat- 
ing injectivity in limiting conditions. For example, if k and p are selected for 
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Table 5-44 
lnjectlon Rates In Fully Developed Patterns at Unit Moblllty Ratio 

~ 

d 
Direct line drlve 2 1 Staggered line drive 

0.003541 kh(Ap) i =  0.003541 kh( Ap) i =  

Five-spot Seven-spot 

. 0.003541 kh(Ap) 
I =  

.[In( t) - 0.6191 

Nine-spot Nine-spot 

. 0.003541 kh(Ap),, 
I =  (=I[ In; - 0. ,721, 

0.00782 kh( Ap)i,s 
I =  

. [ [In - 0.2721 - %)p 0693  

R = ratio of producing rate of corner well to side well 
(AP);,~ = pressure difference between injection well and corner well, and 
(Ap),,, = pressure difference between injection well and side well. 

From References 25 and 313. 
* Units in these equations are B/D, mid, A, psi, and cp. 

oil at the connate water saturation, an estimate of initial injection rate can be 
obtained. Then if k and p are selected for water at residual saturation, an 
estimate can be made d injectivity at 100% sweep. (These estimates can be 
useful when equipment is sized for a waterflood.) If data on skin factor are 
available, suitable corrections [197,254,278] can be inserted in the logarithm 
term in the denominator in these equations. For unit mobility ratio, the injection 
rate will remain constant during the flood. If the mobility ratio is more than 
one, the injection rate increases as more water is injected; if the mobility ratio 
is less than one, the injection rate decreases. Figure 5-170 shows for different 
mobility ratios, the change in relative injectivity as the water bank extends 
radially from the injector [298]. Figure 5-171 shows, for different mobility ratios, 
the change in relative injectivity as a 40-acre 5-spot is swept [298]. 

For water injection into a depletion drive reservoir, several stages can describe 
the progress of the flood [180]. The first stage is the period of radial flow from 
the start of injection until interference of oil banks from adjacent injectors 
occurs. The second stage is the period from interference until fill-up of the pre- 
existing gas space; after fill-up, production response begins. The third stage is 
the period from fill-up to water breakthrough into the producing wells; water 
production begins at breakthrough. The fourth and final stage is the period f b m  
water breakthrough until floodout. For a 5-spot pattern, the injection rate during 
fill-up and to the time of interference can be estimated by [278]: 
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Figure 5-170. Change in injectivity at varying radial distances for different 
mobility ratios [298]. 

(5-230) 

where oilfield units of B/D, md, cp, ft, and psi are used, and 

rob = radius of the oil bank, r, 5 rob S d/& 
rf = radius of the flood-front saturation 

Both rob and rf can be obtained by a material balance on the injected water: 

W, = n(r:-r:)(S, -S,)h$ (5-231) 

(5-232) 
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Since the volume of water injected to fill-up is equal to the volume of gas 
displaced by the oil bank as the initial gas saturation, S,, is reduced to the 
trapped-gas saturation, S ,  a material balance for r*, is: 

(5-233) 

At interference, rd = d / * ,  and Equation 5-233 can be used to compute the 
volume of water required to reach interference. Usually, fill-up occurs in a 
relatively short time after interference, and the volume of water injected at fill- 
up is: 

W, = 2d24hS, (5-234) 

At fill-up, r,is obtained by: 

(5235) 

After interference, the equation in Table 5-44 for the 5-spot pattern can be used 
to estimate injectivity Additional details of estimating injectivity can be found 
in several good texts on this subject [197,254,278]. 

Monitorlng Injectivity. Injection well performance can be analyzed and monitored 
by several means. During and after a period of injection, the pressure transient 
methods discussed earlier can be used. Additionally, several bookkeeping 
methods of monitoring injection rates and pressures are quite useful. 

Hearn [314] recently proposed a method to analyze injection well pressure 
and rate data. Permeability is obtained from the slope of a plot of Ap/q, versus 
the logarithm of cumulative water injected. However, the method can only be 
used during the initial injection period. After fill-up, Ap/q, the reciprocal of 
injectivity index, will cease to be a function of cumulative water injected unless 
the well experiences damage or is stimulated. In these cases, the plots suggested 
by Hall [315] are convenient for analysis of the data. 

A Hall plot is a graph of cumulative pressure-time versus cumulative water 
injection. Such plots are useful in observing injection well plugging or any 
beneficial results of stimulation procedures. An improvement in injectivity is 
indicated if the slope decreases, whereas plugging is suspected if the slope 
steepens. Figure 5-172 shows an improvement in water injectivity that resulted 
from a surfactant treatment [316]. 

The reciprocal of the Hall plot slope is the injectivity index in bbl/D/psi. 
Effective pressures are obtained by subtracting the static reservoir pressure from 
the flowing bottomhole pressures [315]: 

(5-236) - effective pressure - P, - p = (p, + 0.45D - Apt) - jj 
where pd is the wellhead pressure, 0.45 is the hydrostatic pressure gradient in 
psi/ft, D is the depth to the mid-point of the reservoir, and Apt is the pressure 
drop in the tubing. Although the Hall method assumes that only the wellhead 
pressure changes with cumulative water injected, the effective pressure drop 
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Figure 5-172. Hall plot [315]. 

should be used if permeability capacity, or transmissibility changes, are desired 
[315]. If the difference between reservoir pressure and the hydrostatic head is 
more than 15% of the wellhead pressure, serious quantitative errors can result 
when wellhead pressures are used in the construction of Hall plots; if the 
difference is less than 15%, only slight errors are caused [66]. 

Earlougher has presented a modified version of the Hall technique in which 
the slope, m', is defined as [66]: 

(5-237) 

The improvement in overall flow efficiency, E,, can be obtained from [66]: 

E,after -m'before Iafter 
E,before m'after Ibefore 

- =- (5-238) 

where the injectivity index, I, or Hall slopes are calculated using the pressure 
difference between the flowing bottomhole pressure and the formation pressure. 

Production Curves. Plots of waterflood injection and production performance 
can be presented in a number of ways. For the history of the project, water 
injection rate, oil production rate, and water4 ratio or water cut can be plotted 
vs. time (usually months). The actual water injection and oil production rates 
can be compared to the predicted rates on a time basis. 
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Future oil production and ultimate recovery are often extrapolated from 
graphical methods. One of the more popular methods is a plot of the WOR 
on a log scale vs. cumulative oil production on a linear scale or a linear plot of 
the fractional water cut (or percent water produced) vs. cumulative oil produced. 
Alternatively, the oil-water ratio can be plotted on a log scale vs. the cumulative 
production on a linear scale. One of the purposes of these plots is to predict 
the ultimate oil recovery by extrapolating the curve to some economic limit at 
which time it becomes no longer profitable to continue the flood. If the 
operating methods remain relatively unchanged, a method [317] has been 
proposed for a fully developed waterflood that permits an easy extrapolation 
of recovery to a given water cut. This latter method consists of a linear plot of 
ql fractional recovery of oil in place, vs. the term - {[(l/fJ - I] - (l/fJ}. 
This method also provides an estimate of water-oil relative permeabiliries. 

Waterflood Parameters. Important parameters in waterflood operations are the 
water residual oil saturation, Sm, and the relative permeability to -water, k,. A 
statistical study of these parameters, as well as peak oil rates, w a s  provided by 
Felsenthal [SlS]. Data on Sm and k, from core data are listed in Table 545. 
Endpoint krw values were higher in carbonates than in sandstones; for a given 
lithology, k, decreased as the absolute permeability decreased. 

Table 5-45 
Watetflood Parameters 

Waterflood residual oll saturations measured in core test samples 
Carbonate 

Sandstone Rock 

Mean average S,, % pore space 27.7 26.2 
Median average So,, % pore space 26.6 25.2 
Number ot core samples tested 316 108 
Number of source reservoirs 75 20 
Standard deviation, % pore space 8.76 8.84 

Effect of lithology and K, on the end points 
of oluwater relative permeabllity curves 

range of 6, md (1 to I O )  (I1 to loo) (101 to 2,000) 

Median kk at S, 0.065 0.133 0.256 
Median k c  at S, 0.033 0.095 0.210 

Permeablllty Group Low Medium High 

Sandstone 

Number of core samples 

Carbonate rock 
Median k*, at So, 0.211 0.357 0.492 
Median k; at S, 0.179 0.503 0.428 
Number of core samples 

tested 30 21 3 143 

tested 33 4s 24 

From Reference 318. 
Expressed as fracton of 

** Expressed as fractlon of q. 
at connate water aaturabon. 
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ESTIMATION OF WATERFLOOD RESIDUAL OIL SATURATION 

It is recognized throughout the industry that there is no single generally 
accepted method of measuring residual oil [319]. The available methods should 
be considered on their merits and some combination of methods should always 
be used as a cross-check. Each method provides somewhat different information 
about the amount and distribution of residual oil. This section discusses the 
various methods that are in current use, and recommendations are made as to 
how residual oil should be measured [320]. 

Material Balance 

Material balance was one of the first and is the most widely used technique 
employed in estimating oil reserves and depletion. Overall estimates of the 
amount of in-place and recoverable oil are based mainly on material balance. 
These calculations are also used as a first screening point to determine if 
sufficient oil remains after waterflooding for application of tertiary recovery. 
The quantity of oil remaining in the reservoir, having pore volume V,, in stock 
tank barrels, is given by the difference between the initial oil-in-place, N, and 
the amount of oil produced, N,. The overall residual saturation (Sor)MB is based 
on the volume of oil relative to the reservoir pore space [319]. 

(5-239) 

where Bor is the oil formation volume factor after waterflooding. 
Many of the projects currently being evaluated as tertiary prospects were 

initially developed twenty to thirty years ago or longer. At that time, methods 
for estimating hydrocarbon content were not as accurate as methods presently 
available. In addition, adequate information relating to hydrocarbon volumes may 
be limited to only a few wells in a field and production data for the field may 
not always be reliable. In any event, even where material balance might yield a 
reasonable estimate of the amount of residual oil-in-place, it does not indicate 
the distribution of oil within the reservoir. 

The value of (SJMB will be dependent on both the microscopic displacement 
efficiency in swept zones and the vertical and horizontal sweep efficiency. It 
has been suggested that a high ratio of to Sor, determined by methods 
applying to the swept zone, indicates that the reservoir still contains an unusually 
high amount of oil in the unswept region. The reservoir should then receive 
special consideration as a candidate for obtaining additional oil recovery through 
infill drilling [319]. 

In application of tertiary recovery, the residual oil remaining in the swept 
zone is of most interest because this is the region that will most likely be 
contacted by a tertiary process. Thus, the material balance, even in more 
sophisticated forms than the foregoing simple volumetric balance, should only 
be used for rough screening in evaluating prospects for tertiary recovery. 
Furthermore, because of the many uncertainties in the measurements used to 
obtain a material balance, an enhanced recovery prospect should not be dis- 
counted on the basis of material balance alone. 

When the volume of oil produced is known with reasonable precision, the 
accuracy of this method depends mainly on the reliability of the original oil-in- 
place estimate. 
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Well Test Analyses 

In-situ oil saturations can be estimated by combining relative permeability data 

Production data 
Single well transient tests in producing wells 

determined in the laboratory with field well test data such as: 

Pressure buildup 
Pressure drawdown 
Multiplerate testing 

Interference tests 
Pulse tests 

Multiple-well transient tests 

Details of the methods for developing the well test data can be found in the 
literature [ M,66,228], and were summarized earlier. If sufficient, good quality 
relative permeability data are available from laboratory tests that simulate 
downhole conditions, the techniques of correlating well test analyses can give 
some indication of the reservoir oil saturation. For these techniques to be 
applicable, numerous assumptions are made: the reservoir interval is homo- 
geneous, horizontal, and isotropic with a small and constant compressibility; fluid 
properties and saturations are uniform in the formation; relative permeabilities 
are constant throughout the test area: there are no oil-water or gas-oil contacts; 
and the tested wells are not affected by other wells outside the test area [319]. 
The following discussion applies to waterflooded reservoirs with no free gas 
saturation, but could be extended to more complex systems. 

Production Data 

When the producing oil and water flow rates, formation volume factors, and 
viscosities are known, relative permeability ratios can be determined 

(5-240) 

where k, = relative permeability 
q = flow rate 
B = formation volume factor 
p = viscosity 

and the subscripts w and o refer to water and oil, respectively. Thus, the relative 
permeability ratio between water and oil can be estimated from the producing 
water-oil ratio (WOR). 

Relative permeabilities determined in the laboratory may be based on any one 
of the following measures of core permeability: air, water at 100% S ,  or oil at 
irreducible water saturations. Laboratory-derived permeability ratios can be used 
to find the water saturation at which the field-derived permeability ratio would 
occur. In the absence of gas saturation, 

so = 1 - S" (5-241) 

Provided core analysis data are available, this method is easy and rapid. However, 
no information is obtained regarding wellbore damage or specific permeabilities 
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to the flowing fluids. This important information can be obtained from the 
transient well tests. 

Transient Tests 

Whereas the producing well production data can only provide a relative 
permeability ratio, transient well testing can provide estimates of reservoir 
permeabilities to both oil and water (and free gas, if present): 

(5-242) 

(5-243) 

where k, q, B, and p are as previously defined and have units of millidarcies, 
barrels per day, reservoir barrels per stock tank barrel, and centipoise, respectively. 
The thickness of the interval, h, is in ft and m is the appropriate slope from 
the Miller-Dyes-Hutchinson (MDH) plot or the Horner plot. 

Multiple well or single well tests can be used to estimate the effective 
permeability to oil by using typecurve matching: 

(5-244) 

where (pJM is the dimensionless pressure at the match point for type-curve 
matching, ApM is the pressure change from transient test data at the match point 
for typecurve matching, and the previously defined terms are in field units. 
Laboratory relative permeability curves are then used to find the saturations 
that correspond to the relative permeabilities obtained from the transient tests. 

Multiple well testing can also be used to estimate oil saturation by using the 
total compressibility from the match point data and 

c, = CwSw + coso + CESS + cy (5-64) 

where cr is system total compressibility; C, is 'the formation or pore volume 
compressibility; c+ cot and cg are compressibilities of water, oil and gas, all with 
units of psi-'; and S is the corresponding saturation [321]. Since the gas term 
is assumed to be zero for the waterflooded case and since Sw = (1 - So,,), 

c, = cw(l - So) + coso + Cf (5-245) 

By rearranging, 

C,-C, -cf so = 
(c, - c, 1 (5-246) 

With a knowledge of oil, water, and formation pore volume compressibilities, 
and the total compressibility determined from the typecurve matching, reservoir 
oil saturation can be estimated [319]. Oil saturation based on compressibility 



504 Reservoir Engineering 

is generally less accurate than saturations determined from field relative per- 
meability data and is normally regarded as an approximation. 

Applicability 

Because of the rigid requirements of the assumptions made, and the problems 
with interpreting the field data, oil saturations obtained from well test analyses 
are considered rough estimates. The saturation estimate is an overall average 
for the region of the reservoir influenced by the test. If permeability variations 
or other conditions cause a variation in the vertical saturation distribution, these 
techniques will not yield meaningful data. For these techniques to be considered 
for oil saturation determinations, good laboratory core analysis data are essential. 
However, because of the low costs and relative ease in conducting the tests, plus 
the additional important information obtained, well test analyses should be 
developed along with the other more direct methods of determining residual 
oil saturations. 

Coring and Core Testing 

Well Coring 

Well coring is the process of obtaining representative samples of the produc- 
tive formation. The choice of depth at which to begin coring can often be a 
problem, Cores from the regions of interest may not be obtained because of 
unexpected changes in stratigraphy. There is also the possibility that the region 
cored will be a nonproductive region which did not contain significant hydro- 
carbon content initially. However, analysis and testing of core samples continues 
to be an important method of determining residual oil [322,323]. 
Various techniques are used to obtain core samples: conventional diamond- 

bit coring, rubber-sleeve coring, pressure coring, sidewall coring, and recovery 
of cuttings generated from the drilling operation. The last two methods are not 
used for residual oil measurements. Conventional coring is normally done in 
competent formations to obtain fulldiameter cores. In unconsolidated, or poorly 
consolidated formation, a core barrel containing a rubber sleeve is used. The 
core sample is held together by the sleeve and its properties during laboratory 
tests remain reasonably representative of conditions in the formation [322]. 
Two main problems in coring for determination of residual oil are that further 

flushing of oil to below-normal waterflood residuals can take place around the 
core bit, and that loss of oil occurs, due mainly to gas expansion, as the core is 
lifted to the surface. 

Flushing During Coring. For a condition where the in-place oil saturation is 
at its waterflood residual value, no more oil can be produced at normal flow 
rates. During the coring operation, it is important to avoid extreme flushing 
conditions that could cause part of the residual oil to be mobilized [194]. Some 
of the variables that control the amount of residual oil flushed from a core by 
mud filtrate are: borehole-to-formation differential pressure (overbalance), 
interfacial tension, wettability (the following discussion applies principally to 
water-wet rocks), core permeability, coring penetration rate, core diameter, type 
of drill bit, drilling mud composition (including particle size distribution), depth 
of invasion of mud particles into the core, rate of filtrate production (both spurt 
loss and total fluid loss), permeability of the formation, and nature of the 
reservoir (uniformity, texture etc.) [324]. In one type of system investigated in 
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the laboratory, the amount of oil stripped from cores varied directly with the 
overbalance pressure, filtration production rate, and core permeability; it varied 
inversely with penetration rate and core diameter. The overbalance pressure is 
usually the critical variable [195]. 

Overbalance Pressure. Unintentional displacement of residual oil may occur in 
coring operations when large pressure gradients exist near the core bit. In this 
region when fluid velocities are high, the resulting viscous forces may become 
sufficient to overcome the capillary forces that hold the residual oil in place. 

Results from an extensive laboratory coring program [195] showed a reduction 
in pre-test residual oil saturation of almost 20 percent to about 60 percent as 
the pressure gradients varied from about 350 to 1,700 psi/ft. In an evaluation 
of the same data, other authors [123] contend that when analyzing larger 
diameter cores (4-in. diameter) and considering radial flow, the estimated 
penetration would result in only a 10% change in residual oil. In addition, they 
contend that core samples used in retort analysis are usually taken from the 
center of the core where mud solid penetration into the core would be minimal. 
However, it is generally recognized that residual oil, which is immobile after 
normal waterflood operations, can become mobile and be stripped from the 
core, especially in the region adjacent to the core bit. 

The ratio of viscous to capillary forces has been expressed as AP/La, where 
AP/L is the pressure drop per unit length, and a is the interfacial tension. In 
water-wet cores, at least, a critical value of Ap/Lo must be exceeded before 
production of residual oil occurs [194]. In coring, the overbalance pressure must 
be kept low in order to minimize flushing, Furthermore, the drilling mud should 
not contain additives that cause significant reduction in interfacial tension that 
could mobilize residual oil. The use of dispersants, emulsifiers, lubricants, lost 
circulation materials, and oil should be avoided. If the overbalance pressure 
causes the critical displacement ratio to be exceeded, then there will be some 
displacement of residual oil. Linear displacement tests run in the laboratory show 
the critical displacement pressure to vary from about 1 (psi/ft)/(dyne/cm) for 
a 1,000 md sandstone to about 25 for a 100 md sandstone [194]. Thus, the 
permissible overbalance pressure will have significant dependence on the 
properties of the formation that is being cored (Figure 5-173). 

Drilling Mud Properties. At bottomhole conditions, API filter loss for water-base 
muds is often in the range of 5 to 10 cc for 30 minutes, which is sufficient to 
drive most 3-in. to 4-in. diameter cores to the equivalent of the waterflood 
residual oil saturation if the region being cored is not already at this condition 
[123]. Higher mud water loss or smaller core diameters can lead to displacement 
of some of this residual oil. However, only general agreement has been found 
between API filter loss and the amount of oil stripped from cores. More 
consistent agreement has been observed between the amount of mobilized 
residual oil and spurt loss (the rapid fluid loss to the formation that occurs 
before an effective mud filter cake has built up). Spurt loss has been shown to 
correlate with solids content and particle size distribution which also influence 
filtration rates and amount of oil-stripping [195]. In general, when taking cores 
it is always preferable to use a bland water base drilling fluid which contains 
no oil or surface active materials [319]. 

Shrlnkage and Bleedlng. In reservoirs which have been depleted to low pres- 
sures and waterflooded to high water-oil ratios, changes in residual saturation 
in bringing the core to the surface should be fairly minimized. However, in most 
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Figure 5-173. Critical capillary number as a function of permeability [194]. 

cases, as the core is raised, gases will come out of solution and can cause residual 
oil to bleed from the core. The loss of gas causes the oil to shrink. 

Corrections for Shrinkage and Bleeding. Shrinkage of residual oil can be esti- 
mated from laboratory measurements of shrinkage when the pressure of bottom- 
hole oil samples is lowered. Reduction of temperature will also contribute to 
shrinkage. The following corrections have been proposed for the effects of 
shrinkage and bleeding [125]. 

(SJR = (SJC B.E (5-247) 

where (S0JR = average post-waterflood residual oil saturation in the flooded 
region of the reservoir 

(SJ, = average oil saturation from cores 
Bo = oil formation volume factor at the time of coring 
E = bleeding factor (in the absence of specific bleeding measure- 

A modification to this calculation has been suggested [325] to compensate 
for waterflood displacement efficiency by dividing the reservoir residual oil 
saturation by the conformance factor. In the absence of a reservoir simulator 
that accounts for reservoir heterogeneity, capillary effects, mobility of oil, 
and mobility of water, it was suggested the conformance factor be estimated by 

where M = mobility ratio or the ratio of the mobility of water at the average 
water saturation in the reservoir at breakthrough to the mobility of 
oil in the oil bank ahead of the displacing h n t  

ments, a value of 1.11 is assumed) 

(1 - W / M  

V = the Dykstra-Parsons permeability variation 
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Thus, the modified calculation would be 

(5-248) 

However, these corrections, particularly the one far bleeding factor, are only 
approximate at best and considerable attention has been given to recovering 
cores at reservoir pressure, 

Pressure Core Barrel. Considerable development work has gone into developing 
a core barrel that will bring cores to the surface without major reduction in 
reservoir pressure, and thus prevent shrinkage and bleeding. The pressure core 
barrel is designed to cut the core and seal it within a cylinder before retrieval. 
Although the cores obtained are small in diameter ( - 2  Yrin.), pressure coring 
has gained acceptance as one of the best methods of determining residual oil, 
particularly when information on the vertical profile of the oil saturation is 
wanting. Success in application of the core barrel depends to a great extent on 
the skill and experience of the personnel running the operation. The main 
criterion for success is retrieving cores at or close to formation pressure. 
Improvements over the years have led to the present success level of about 70% 
to 80% in consolidated formations [182,319,326-3311. 

Sponge Cores. A recent modification [332] to a conventional core barrel is the 
incorporation of a porous sponge to collect oil that bleeds from the core. The 
oil saturation measured by conventional techniques is corrected for the bleeding 
of oil as measured in the sponge. Oil saturations measured with this technique 
have approximated the values determined by pressure coring but at a cost that 
is closer to conventional coring. 

Core Testlng 

Laboratory tests to estimate reservoir residual oil can be performed on cores 
that have been preserved at the wellsite or cores which are extracted with solvent 
and subsequently restored to reservoir conditions. Cores obtained with drilling 
muds that minimize wettability alteration, and that are protected at the wellsite 
to prevent evaporation or oxidation are called preserved cores. Cores that are 
cleaned with solvents and resaturated with reservoir fluids are called restored- 
state cores or extracted cores. The restoring process is often performed on non- 
preserved or weathered cores, but the same technique could apply to cores that 
had been preserved. 

Core Handling. Conmtimal Cow. The precautions taken in handling cores once 
they have been recovered depends mainly on the measurements and tests that 
are to be performed on them. If the measurements are routine and can be run 
within a day or two, it is generally considered sufficient to wipe the cores, wrap 
them in plastic and protect them from exposure to the sun. However, it is better 
to keep the wrapped cores inside ice boxes to minimize evaporation, especially 
when longer transit times are anticipated. When maintenance of wettability 
conditions as they exist in the reservoir is attempted, the most widely preferred 
method of preservation is to wrap the core in thin sheets of plastic followed 
by aluminum foil and then isolate the wrapped core from the atmosphere by a 
coating of wax or plastic. An alternative method of preservation is to store the 
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cores in deoxygenated aqueous solution. This may be formation brine, synthetic 
brine or mud filtrate [319,333]. 

Pressure Cores. Special handling is needed for cores obtained using the pressure 
core barrel. This is normally carried out by the trained crew which assembled 
the barrel prior to testing. After retrieving the core barrel, drilling fluid is 
displaced at pressure by gelled kerosene. The complete barrel is then chilled in 
dry ice for several hours in order to freeze the water in the core sample. The 
pressure in the core barrel can then be released and an inner metal sleeve 
containing the core is removed. The core is cut into convenient lengths, of about 
three to four feet, and kept frozen by means of dry ice during transportation [319]. 

Measurement of Resldual Oil in Recovered Cores. Various techniques are 
available for determining the oil content of cores. Examples that involve removal 
of the oil are vacuum distillation, a combination of distillation and solvent 
extraction (Dean Stark), and high temperature retorting. The Dean Stark method 
with toluene as solvent is normally used when displacement tests are to 
be carried out on the extracted cores. In this method., the oil saturation is 
determined by difference from the amount of water removed from the core 
[ 191,3?i3,334]. 

In general, cores obtained with the pressure core barrel under conditions of 
minimal flushing are needed in order to obtain residual saturations that can 
be treated with reasonable confidence. Special analytical methods have evolved 
for treatment of pressure cores. The frozen cores are removed from the metal- 
containing sleeve and dressed while still frozen. The pressure cores are then 
allowed to thaw in an inert atmosphere, and volumes of evolved gases are 
recorded. Next, the free water is distilled from the core. Any remaining oil is 
removed by a tolueneC0, leaching. The amount of oil in the core is determined 
by adding the volume obtained by distillation to the volume removed during 
extraction and then making a correction for evolved gas. As a check on extent 
of penetration of mud filtrate into the core, a tracer can be added to the drilliig 
mud which permits the radial depth of invasion to be estimated. However, 
filtrate invasion does not necessarily imply flushing of residual oil [S19]. 

Residual 011 from Laboratory Core Floods. Most cores are subjected to 
cleaning before measurement of permeability and porosity. However, when the 
preservation of wetting properties is of main interest, displacement tests are run 
on the cores prior to cleaning. 

Another approach to the problem of reservoir wettability i s  the restored state 
method. Cleaned cores are saturated with reservoir brine or brine of similar 
composition. The brine is displaced by reservoir crude to an equivalent connate 
water saturation. Recontacting the reservoir rock with the reservoir crude is 
believed to result in adsorption of those components from the crude oil which 
determined the in-situ wettability and hence restore the system to its original 
wetting condition. 

Relatively little is known about the causes of reservoir wettability and its 
sensitivity to the numerous variables that may cause the wettability of recovered 
cores to be changed. It has been shown that wettability can have significant effect 
on residual oil [121,1!25]. This is the main reason why values of residual oil 
saturation determined by laboratory core flooding tests are treated with caution. 
Residual saturations determined by laboratory flooding tests are often used in 
estimating the amount of oil that will be recovered by waterflooding. However, 
when residual oil saturation i s  to be determined for evaluation of a tertiary 
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recovery prospect, laboratory flooding tests do not seem to be in favor. In a 
recent monograph on residual oil determination, results of such tests received 
a rating of only poor to fair [319]. Nevertheless, there seems to be consensus 
view in the industry that the problem of wettability as it relates to residual oil 
has been satisfactorily resolved. However, little attention appears to have been 
given to restoring cores to their in-situ residual oil saturation at wetting 
conditions which are representative of the reservoir even though this may be 
critical to proper laboratory testing of a tertiary process [335,336]. 

Even though laboratory flooding of reservoir cores may not be a generally 
acceptable method of determining residual oil, it is considered vital that tertiary 
processes be tested in the laboratory using these cores. 

Tracer Tests for Determining Residual Oil 

How Tracer Tests Work 

The tracer test was conceived by applying principles of chromatographic 
separation to f hid movement in the reservoir. The outstanding advantage of 
the tracer test is its ability to investigate a relatively large volume of the 
formation. It was first suggested that the method could be applied to flow 
between two wells [337]. The method depends on the effect which the relative 
solubility of a tracer between oil and water has on the rate at which a pulse of 
low concentration tracer passes through the formation. 

The condition where the reservoir has been flooded out and the oil is 
immobile is considered later, but the theory can also be applied where both oil 
and water are flowing, or where the water phase is immobile. If a formation 
containing residual oil is flooded with a bank of water containing a tracer which 
is mutually soluble in oil and water, part of the tracer will pass into the oil 
phase. If there is local equilibrium, the concentration of the tracer in the oil, 
C,, is related to the concentration in the aqueous phase, C,, by the distribution 
coefficient, K,. 

C m  K, = - 
c, (5-249) 

As a result of partitioning, part of the tracer temporarily resides in the immobile 
residual oil, and the overall velocity of the tracer is less than that of the flowing 
aqueous phase. The concentration of tracer in the oil together with the oil 
volume determines the fraction of tracer resident in the oil phase. Since oil 
volume is directly proportional to oil saturation, the rate at which a pulse of 
tracer concentration passes through the formation depends on the oil saturation 
in regions swept by the tracer. 

Equilibration of the tracer between the residual oil and water following the 
tracer bank coupled with dispersion effects determines the shape of a peaked 
concentration distribution of tracer. Ahead of the peak there is net movement 
of tracer into the residual oil. Behind the peak there is net movement of tracer 
molecules from the residual oil back into the water. 

From consideration of the way the tracer divides itself between the oil and 
water phases and the effect of the magnitude of the residual oil saturation on 
residence time of the tracer, the velocity of the tracer, vt, is related to the velocity 
of the associated water, vw, by 
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(5-250) 

from which residual oil is given by 

(5251) 

The long time needed for tracer to move between wells and the broad and 
uninterpretable residence time distribution that would arise because of stream- 
line and heterogeneity effects for normal well spacings are cited as reasons why 
the well tracer test may be impractical as a between-well test, although there is 
still some interest in applying this method to small pilot areas [319]. 

Single-Well Tracer Technique 

The single-well or backflow tracer technique to determine residual oil satura- 
tion is a recent innovation. Patents [337,338] assigned to Exxon Production 
Research Company in 1971 described the injection of tracers to measure in-situ 
oil saturation at distances of typically 10 to 30 ft away from the wellbore of a 
producing well. The single-well tracer test overcomes many of the difficulties 
that, in general, make the two-well test impractical. 

Test Procedure. The method involves injection of a bank of water containing 
an alkyl ester as the tracer. The selection of the ester will depend on tem- 
perature of the reservoir. For example, ethyl acetate is used in higher tem- 
perature reservoirs and n-propyl formate is used at lower temperatures [339]. 
These tracers are suitable for reservoirs with bottomhole temperatures ranging 
from about 80°F to 2OOOF. The ester partially hydrolyzes within the formation 
to form an acetate and an alcohol, the latter serving as a secondary tracer. 
Methanol is also added as a material balance tracer to the injected bank and 
also to the water which is used to push the bank into the formation [339-3421. 

A desirable volume for the slug is 50-90 barrels per foot of formation. 
Injection and production rates may limit the size of test that can be conducted 
in a reasonable period of time. Primary tracer volumes have varied from 
40-1,000 barrels while total water volumes have ranged from 175-2,000 barrels 
[339-342] . Primary tracer concentration has normally been between 0.5-1 
volume percent. In an example given by Deans [338], 500 barrels of 1% ethyl 
acetate and 0.5% methanol in brine is followed by 1,500 barrels of brine 
containing 0.5 % methanol. These quantities are determined by simple volumetric 
balance based on the desired depth of invasion. 

Depending on formation permeability, injection may normally require 1 to 3 
days and shut-in time will be 3 to 12 days. After allowing a suitable time period 
for hydrolysis of about 10% of the ester (usually about 3-12 days), the well is 
put on production and tracer concentration in the produced water is monitored. 
Because the alcohol formed by hydrolysis is much more soluble in the aqueous 
phase than its parent ester, the alcohol is produced ahead of the ester. The 
greater this separation between the two tracers, the higher the residual oil 
saturation. The methanol tracer, which is soluble only in water, determines the 
drift rate in the reservoir and also indicates the fraction of chemical slug that 
is produced during the test [339-3421. 
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Interpretation. Computer simulation is used to model the injection, reaction, 
partitioning, production of the tracers and to correct for overall drift of fluids 
past the wellbore [340]. Fluid drift is mainly caused by injection or production 
of fluids in the vicinity of the test well. A best fit is obtained for the injected 
and produced ester and methanol, and parameters given by this fit are used to 
model the alcohol production for a range of assigned values of residual satura- 
tion. The measured alcohol production curve is then compared with the 
simulated results in order to estimate the residual saturation in the formation. 
Reservoir heterogeneity and loss of tracer can present problems in interpretation. 

Reservoir Heterogeneity. Although the tracer test samples a relatively large pore 
volume, results will be weighted towards the higher permeability zones. However, 
this may not be a disadvantage because these zones will normally be swept 
preferentially by tertiary processes. 

The single-well tracer method is not recommended for fractured reservoirs. 
Fractures cause nonradial flow, which results in tracer profiles that are almost 
impossible to simulate [341]. Severe permeability variations are also difficult to 
interpret. Where gross permeability variations exist, it may be necessary to 
conduct frequent injection profile tests to determine the intervals that are 
experiencing high-rate fluid flow [342]. 

Loss of Tracer. When the chemical tracer is injected into zones that do not 
subsequently produce fluids, tracer will be lost to the reservoir. In one field 
test, loss of tracer was estimated at 15% of the injected amount [339]. Conversely, 
dilution of produced fluids by water from zones that did not receive tracer 
injection will also present interpretation problems. If high drift-rates cannot be 
controlled, the slug of water containing chemicals can move so far from the 
wellbore that tracer profiles may not be well defined. Drift-rate should be less 
than 1 ft/day [342]. 

In some cases, it may not be practical to perform tests in wells with large 
intervals open or in wells with large holdup volumes in the wellbore. In such 
instances, well workovers may be required [340]. 

With wells produced by gas lift, corrections are required to account for the 
loss of part of the more volatile tracers to the gas by stripping action in the 
wellbore. Tests conducted [341] with ethyl acetate in gas lift wells indicate a 
loss of about 30%. Appreciable gas accompanying crude oil lifted by other 
production methods may cause loss of tracer by stripping. 

Accuracy. Success in application of the tracer test depends to a considerable 
extent on the skill and experience of those conducting the test. While there is 
no absolute measure of success, comparison of measurements with simulated 
results provides a useful guide as to the reliability and tolerance of the results. 
In about 10% of the early tests conducted, residual oil saturation could not be 
determined from results. Oil saturations of 10% to 20% pore volume have been 
measured with reported accuracies of +2% to +4%. Although conventional 
methods of estimating residual oil cannot be considered an acceptable standard 
for determining absolute accuracy of the tracer technique, measurements 
obtained from tracer tests have generally agreed with values obtained from 
pressure core tests [319,339-3421. 

Field Application. Logistic considerations require adequate preplanning which 
means it may be difficult to schedule tests on quick notice [339]. As compared 
to well logging techniques, considerable time is required to obtain and interpret 
the data. 
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Geophyslcal Well Logging Tmhnlques 

Geophysical well logging has the advantage of being an in-situ measurement 
and is able to give a continuous estimate of residual oil saturation versus depth 
[343,344]. These features allow the calibration of the measurements in known 
water-saturated formations. A more detailed discussion of well logging is given 
earlier. An evaluation of logging techniques for measurement of Sm was provided 
by Fertl [344]. 

Logging Devlces 

Five measurements that have potential application are: 

1. Electrical resistivity. Many devices of different depths of investigation are 
available [58, 3451. These devices cannot be used in cased holes unless one 
uses some nonconducting casing. 

2. Puked prtzrtrrm capture. This name (PNC) covers logs commercially available 
such as the Dresser Atlas Neutron Lifetime Log (NLL) and the Schlumberger 
Thermal Decay Time (TDT). The PNC has the virtue of being useful in 
cased holes. 

3. Carbon-oxygen. This measurement has the virtues of being directly sensitive 
to carbon and of working in cased holes. 

4. Nuclear magnetism. This service is not routinely used but has the unique 
virtue of being sensitive only to formation fluids. 

5. Dielectric constant. This service is now routine but is limited to open holes. 
Its main advantage over resistivity measurements is that water salinity need 
not be known. 

Electrical Resistivity. Resistivity measurements provide a great range of choice 
as to the volume of formation to be sampled, ranging from a few cubic inches 
to many cubic feet. Interpretation of the measurements for residual oil saturation 
requires a determination of the relation between water saturation and resistivity. 
If the true formation resistivity R, and the water resistivity R, are known, then 
for clean sandstones [42], 

R, = F,R$: (5-252) 

where FR is the formation factor. If after measuring &, the fluid around the 
hole is replaced by water of resistivity R: (through chemical flushing followed 
by displacement with water of resistivity R:), then from Equation 5-252 it 
follows that 

(5-253) 

Clearly, n, the saturation exponent, must also be known. It is often taken to be 
n = 2. If cores or other logs are available, better estimates of n can be made. 
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Relations other than Equation 5-253 are required for carbonates and shaly sands 
[346,347]. 

Resistivity measurements cannot be made in cased holes. This may explain 
the limited documentation of such methods for residual oil determination in 
the literature. 

Pulsed-Neutron-Capture. The device used for this measurement periodically 
emits brief bursts of high energy neutrons. Between bursts these neutrons are 
rapidly reduced in energy and then more slowly absorbed by formation nuclei. 
It is the rate of this relatively slow absorption that is measured. 

Upon neutron absorption most formation nuclei are left in high energy states 
that decay to ground states through the emission of a characteristic set of gamma 
rays. That is, the gamma rays emitted have various energies and numbers at 
these energies that are unique to the capturing nucleus. However, carbon does 
not participate in this process. 

The gamma rays emitted above a fixed energy (the fixed energy used in 
commercial tools varies from 50 kev to 200 kev) are detected and counted as a 
function of time. The analysis of this counting rate yields the apparent thermal 
decay time or equivalently the apparent capture cross-section of the formation. 
The apparent cross-section can be corrected to true formation cross-section 
through computation. Certain modes of operation [348] can yield results requir- 
ing little or no correction. 

The formation capture cross-section z, is related to the cross-sections of the 
constituents of the fluid-saturated rock (see Equation 5-1 18) by the formula 
[348,349]: 

(5-254) 

where E,, is the capture cross-section of the rock (including clay or shale), Q is 
the porosity, Ew is the cross-section for the water, &, is the cross-section of the 
hydrocarbons, and S, is the water saturation. Thus (1  - Sw)g is the oil volume 
per unit volume of formation. 

Of course, the desire is to determine the residual oil saturation (1 -Sw) or 
the residual oil per unit volume, Q(1 - Sw). Because many of the quantities on 
the right hand side of Equation 5-254 may be unknown, one employs the so- 
called log-inject-log technique [350-3531. 

If the porosity is known in addition to zw, then the simplest form of the log- 
inject-log technique can be used. Here two successive logs are run. In the first, 
the normal formation water of cross-section Ew occupies the pores. The section 
of interest is then flushed (at low injection rate) with water of cross-section 
EL as different from Ew as possible. Et and C: for these two conditions are 
measured. Then from Equation 5-254 it follows that Sm = 1 - S, is 

(5-255) 

To obtain accurate values of Zt and XL one should use a very low logging speed, 
or stationary measurements, or repeat passes that can be averaged. 

If porosity is not known, the water flush can be followed by a flush with 
chlorinated oil [352]. Here the chlorination is adjusted so that the oil has cross- 
section E:. Then from the viewpoint of the PNC response, it is just as if we 
had Sw = 100%. Then Equation 5-254 yields 
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(5-256) 

where E’: is the measured value after the chlorinated oil flush. 
The technique just outlined will suffer if Ew is small corresponding to low 

chloride concentration (below 30,000 parts per million). If Xw is unknown, it 
can be controlled by an initial water flush with water of known cross-section. 

The most common practice has been to run a PNC log, inject fresh water, 
and run a second PNC log. Excellent results have been reported for initial water 
salinities in excess of 30,000 parts per million. 

Carbon-Oxygen. The oil industry has long sought a logging method that directly 
measures oil saturation. The carbon-oxygen (C/O) log is the most recent method 
in this continuing effort. Since the method is sensitive to formation carbon and 
since oil is largely carbon, the ideal result would yield directly formation oil 
content [218,219,354-3571. 

The C/O log utilizes apparatus similar to that of the PNC log; namely, a 
pulsed neutron source and a gamma ray detector. The neutron bursts and the 
detector device are timed to emphasize gamma rays produced by high-energy 
neutrons scattering off of carbon and oxygen. The gamma rays are not simply 
counted but are also analyzed for their energy. The gamma rays produced during 
the neutron burst are primarily inelastic gamma rays, and it is in this time period 
that carbon contributes gamma rays to the detector. When the neutron source 
is off, capture gamma rays are detected and analyzed. Carbon does not con- 
tribute to the capture-gamma-ray spectrum. The capture gamma-ray spectrum 
is used to correct for interference in the carbon region of the inelastic spectrum 
due to calcium, silicon, and oxygen [355]. 

The device has serious limitations. These include problems with counting 
statistics, interfering gamma rays, carbonate rocks, and perturbations caused by 
casing and borehole. Best results are obtained when the tool is stationary for 
several minutes to overcome counting statistics, and when the formation porosity 
and oil saturation are high. The measurement may be improved using log-flush- 
log techniques, but only a few efforts have been documented at this time [344]. 

Nuclear Magnetlsm. This method has been thoroughly discussed in the litera- 
[358-3601. The technique involves a polarization of the hydrogen magnetic 
moments via a large coil (3 ft long and 3 ‘/s in. in diameter) carrying a large 
direct current. The idea is to align the hydrogen magnetic moments along the 
field created by the coil. This field ideally is at right angles to the earth’s 
magnetic field. After a few seconds (up to about four), this coil-produced field 
is reduced to zero as quickly as possible. The polarized hydrogen moment then 
processes about the earth’s field at about 2,200 Hz. This induces a voltage into 
the coil which is detected and processed to yield a measure of the total number 
of hydrogen nuclei in the formation fluid. This number or concentration is 
called the free fluid index (FFI). Since oil and water have about the same 
concentration of hydrogen nuclei, FFI is a measure of porosity as given by the 
fluid contributing to the signal. 

For the detection of residual oil saturation, one relies on the fact that the 
addition of paramagnetic ions to the formation water will cause the signal from 
the water to be annulled. The measurement thus utilizes the log-flush technique. 
A first measurement is made of FFI. The formation is then flushed with water 
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containing paramagnetic ions so that FFI, is sensitive only to residual oil. The 
result is that Sbr can be estimated from: 

FFI' 
FFI 

s, =- (5-257) 

This technique requires signal averaging over many repetitions of the basic 
measurement in order to compensate for the very poor signal to noise ratio. 

The method cannot be used in cased holes and requires a fairly large (>7 in.) 
open hole. It has a very shallow penetration and highly viscous oils will not 
contribute to FFI. In this latter case, a separate measure of porosity will be 
needed. The service is still not widely available but in principle it is the most 
promising of all logging methods for the determination of So= [361,362]. 

Dlelectric Constant. The dielectric constants of rock and oil are distinctly 
different from that of water. The dielectric constant of bulk water is about 80 
while those of oil and rock are 4 or less. In practice, however, due to polarization 
effects on heterogeneous media, this difference in dielectric properties is masked 
unless very high frequencies are employed in the measurement. One study shows 
that results of the expected order are obtained with use of very high frequencies 
and, furthermore, the measurements are unaffected by water salinity [363]. 
Several devices designed in accordance with these ideas have been designed and 
successfully field tested [364-3741. 

The use of this measurement for Sm determination could also benefit from 
the log-inject-log procedure. For example, after logging initially, one could 
displace the water with a fluid having about the same dielectric constant as oil. 
A further flush with a fluid removing all oil and of known dielectric constant 
could be made. 

To interpret the measurements, one can use an equation similar to Equa- 
tion 5-254: 

At, = Atm(l - 6)  + Atw@Sw + AtJ1 - $) S, (5-258) 

where the Att refers to travel time of the electromagnetic energy between the 
two receivers of the device. Att is the measured parameter while the other At  
symbols refer to formation and fluid travel times. After the first flush, Sor is 
found from: 

(5-259) 

After a second flush, @ could be determined from an equation similar to 
Equation 5-256. Equation 5-259 can be used to obtain the amount of oil per 
unit volume. If Sor is required, a porosity derived from a neutron-density log 
could be used. 

Volume of Reservoir Sampled 

It is important to know how large a volume of the reservoir is investigated 
by a given logging method. This is determined by the vertical resolution and 
depth of investigation, which have been estimated as follows: 
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Pulsed neutron capture 
Depth of investigation -6 in. 
Vertical resolution -1y2 ft 

Depth of investigation 
Vertical resolution 

Resistivity 
-1 in. to 5 ft 
-1 in. to 5 ft 

This large range reflects the large number of resistivity devices available. 

Carbon-oxygen 
Depth of investigation -2 in. 
Vertical resolution -l'/* ft 

Depth of investigation 
Vertical resolution -3 ft 

Depth of investigation -1 l/z in. 
Vertical resolution -1 1/2 in. 

Nuclear magnetism 
-1 '/4 in. 

Dielectric constant 

These measurements are bulk measurements of the formation sampled. Thus, 
if there are heterogeneities due to fractures, permeability variations, etc., these 
will result in errors for elemental volumes. However, since for example, a low 
permeability zone may not contribute to a tertiary recovery process, this feature 
of the measurements may be an asset rather than a liability. 

Accuracy of Logging Methods 

The estimated uncertainty in residual oil saturations from electric logs is 5% 
to 10% under optimum conditions and could easily exceed 10% under less 
favorable conditions [349]. Accuracy of saturations derived from electric logs 
is generally in the range of f15 saturation percent [324], which is clearly 
inadequate for residual oil determinations. 

From the laboratory measurements of the C/O ratio, it is known that the 
accuracy of this technique is poor when porosity is low [218]. Oil saturation 
probably cannot be reliably determined at porosities less than 15%. However, 
even in a 30% porosity sand, the accuracy of oil saturation measurements would 
only be f12.5%. While this uncertainty could be reduced by taking repeated 
measurements at the same depth, stability of resolution may still be a problem. 

The accuracy requirement for the determination of residual oil is so great 
that the use of the log-inject-log technique is often required. Although this 
technique is applicable to various logging methods, practical application has been 
limited to the PNC and NML. The term log-inject-log (LI-L) refers basically to 
the fact that the measurements are made with control over the properties of 
the fluid saturating the rock volume under' study. Assumptions with this tech- 
nique are that the formation is at residual oil saturation; no oil is displaced 
from the formation during injection the true total cross-section is measured; 
the brmation water is completely displaced within the radius of investigation by 
the tool; and that shrinkage of oil due to g a s  stripping during injection is negligible. 

With the pulsed-neutron-capture LI-L technique, accuracy of i5 $6 oil satura- 
tion is obtainable [349,352]. For best results, the contrast in salinities of the 
two waters should be as great as possible. While this technique has been 
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successfully used, a test in a 100% water saturated formation yielded oil satura- 
tions of 40%-60% [353]. These obviously incorrect values may have resulted from 
incomplete displacement of formation water close to the wellbore by the injected 
low salinity water. 

Accuracy of the nuclear magnetism log depends largely on the signal-to-noise 
ratio which can be improved by making repeated readings. Newer versions of 
the NML tool have improved signal-to-noise characteristics. As with other log- 
inject-log techniques, the possibility of fluid drift in the formation should be 
considered. Fluid drift should not be sufficient to move injected paramagnetic 
ions away from the wellbore which would cause erroneously high values of Sor [349]. 

Summary of Methods for Estimating Residual Oil 

Economics of primary and secondary recovery processes are usually suf- 
ficiently attractive to permit considerable error in the estimation of recoverable 
reserves. However, for tertiary recovery the amount of oil remaining in a 
reservoir and its distribution must be known with reasonable confidence. Firstly, 
a reliable estimate of residual content is extremely important to technical 
evaluation of field tests. Secondly, the high front-end costs of tertiary processes 
are such that overestimates of residual oil saturation could have disastrous 
economic consequences. Thus, a well-planned effort to measure residual oil 
saturation is a necessity before any tertiary recovery application. Under favorable 
circumstances, accuracies of e% of reservoir pore space can be achieved. In general, 
accuracies will not be this good, but values within fi% are considered necessary. 

There is no absolute measure of residual oil saturation for a reservoir. When 
evaluating a tertiary prospect, a combination of methods should be used which 
provide information on both amount and distribution. Evaluation will normally 
begin with material balances using information that is already available. Fre- 
quently quoted nation-wide estimates of the amount of residual oil that is 
potentially available for tertiary recovery are based mainly on material balance. 
Comparisons of material balance with other methods of determining residual 
show unacceptable scatter, and on average, the material balance gives saturations 
which are too high by about 9% (by pore volume). This corresponds to about a 
30%-50% overestimate in amount of residual oil. It has been suggested that a 
much higher ratio (say 2 to 1 or more) in residual oil determined by material 
balance to that given by other methods is an indication that the reservoir 
contains extensive regions of high oil saturation and may, therefore, be a good 
prospect for infill drilling. 

In addition to material balance, other estimates of residual oil from resistivity 
logs and laboratory waterflood tests may also be available. However, in general, 
none of the conventional methods of determining residual oil saturation-analysis 
of conventional cores, laboratory displacement tests, conventional logging, 
material balance-are considered sufficiently reliable in themselves. They can p r e  
vide useful guides as to whether a tertiary prospect should be investigated further. 

Over the past 15-20 years there has been increased field testing of a number 
of more sophisticated techniques: pressure coring, tracer tests, and the various 
types of log-inject-log procedures. These methods vary in the conditions under 
which they can be applied and the type of information they provide. 

Pressure coring and the sponge core technique provide information on the 
vertical distribution of residual oil and also have the advantage that the core 
analysis procedures directly demonstrate the presence of oil. Because of the 
possibility of flushing, results may tend to be conservatively low. For pressure 
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coring, the time taken to obtain results tends to be longer than other methods 
because of transportation and the specialized core analysis work that is needed. 

After determining residual oil, the extracted cores are used to obtain needed 
information on reservoir properties, in particular vertical heterogeneity, and 
they also can be used in laboratory displacement tests. The reduced diameter 
(-2 y2 in.) of pressure cores compared to those obtained by conventional coring 
is a disadvantage with respect to making laboratory displacement studies. The 
use of the sponge coring technique has increased because of the lower coring 
costs, reduced analysis costs, and, since larger diameter cores are obtained, core 
plugs can be obtained for subsequent conventional or specialized core testing. 

The tracer test samples about a half million times more pore volume than 
the pressure core barrel. Results with the tracer test will be conservatively low 
because they are usually weighted towards the more permeable zones, where 
residual oil will tend to be lower. On balance this is probably an advantage 
because these zones will also tend to be swept more readily during a tertiary 
process. The tracer test can be used in old wells, but it is important that the 
well has not been fractured or stimulated severely. 

Of the various log-inject-log procedures, the pulsed-neutronxapture method 
is the most widely tested. It has the advantage that it can be used in cased holes. 
Problems can arise with borehole rugosity effects and high values of residual 
oil if displacements are incomplete during the log-inject-log procedure. Results 
can be affected by flushing because of the small depth of investigation. The 
method can give accurate results under favorable circumstances. Stabilization 
of capture-cross-section values for the log-inject-log procedure can take unex- 
pectedly long times and can present problems in interpretation. The nuclear 
magnetic log has been rated highly as to accuracy, but cannot be used in cased 
holes and it still has limited commercial availability. Log-inject-log resistivity 
measurements can give good results under favorable circumstances but are not 
applicable to cased holes. 

Recommended Methods for Assessing Residual 011 

In determining residual oil saturation, at least two reliable methods should 
be compared. In most cases, a tracer test combined with injectivity profiles 
should be run in all situations unless there are clear reasons, such as excessive 
drift, why the tracer test would fail. The second method selected should provide 
information on vertical distribution of residual oil. The situations of old and 
new holes will be considered separately. 

Existing Wells 

Considerable cost can be saved if first measurements can be made on existing, 
preferably watered-out, producing wells. These wells will usually be cased. Old 
resistivity logs and core analysis data may be of value in estimating oil distribu- 
tion and related heterogeneity. For more accurate determination of residual oil, 
the tracer test should be run together with the pulsed neutron capture log. 
However careful consideration must first be given to the past history of the well. 
There is no reliable method for determining residual oil if the well has been 
fractured or subjected to excessive stimulation. Inadvertent fracturing could have 
occurred during stimulation. Various forms of acidizing can have serious effects 
on near-borehole rock properties. The operator must also be sure that any 
injected chemicals which could affect results are absent from the test region, 
and that the well is clean and can be put on injection. 
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New Wells 

When drilling new wells for residual oil determination, special attention 
should be given to using a bland drilling mud that contains no additives likely 
to alter interfacial tension or wetting properties. If full-diameter cores are 
obtained (which is desirable if economics permit), the sponge coring technique 
should be used with precautions being taken to ensure that flushing is minimal 
during coring. It is also recommended that the vertical distribution of residual 
oil be determined with a suite of open-hole logs that can include resistivity and 
dielectric constant. In cases where good data on capture cross-section are 
available, residual oil saturation can be obtained with a pulsed-neutron-capture 
log. If a log-inject-log scheme is used (for example, with PNC), this should not 
involve chemical flushing. The tracer test should be run after completion 
of logging measurements. All of these measurements can be backed up by 
laboratory displacement tests which should be carried out on preserved cores. 

ENHANCED OIL RECOVERY METHODS 

Definition 

A general schematic of the enhanced oil recovery (EOR) process is depicted 
in Figure 5-174. The more common techniques that are currently being investi- 
gated include: 

TYPICAL EOR PROCESS 
INJECTOR PRODUCER 

WELL WELL 

- 1  - -  

PRODUCING 

FORMATION 

- - - - -  I -  / - 
c - z - - L 

Fiaure 5-174. General schematic of enhanced oil recovery. 
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Enhanced Oil Recovery 
Chemical Oil Recovery or Chemical Flooding 

Polymer-augmented waterflooding 
Alkaline or caustic flooding 
Surfactant flooding 
-Low tension waterflooding 
-Micellar/polymer (microemulsion) flooding 

Miscible solvent (LPG or propane) 
Enriched gas drive 
High-pressure g a s  drive 
Carbon dioxide flooding 
Flue gas 
Inert gas (nitrogen) 

T h m a l  Recovery 
Steamflooding 
In-situ combustion 

Hydyocarbon OT Gas Injection 

These procedures are discussed in several texts on the subject [277,375-3791. 
Two studies by the National Petroleum Council [SSO,SSl] and several papers 
summarizing the later study are available [382-3851. The extensive literature on 
enhanced recovery will not be cited, and the reader is referred to Reference 386 
which provides numerous citations and is the basis of the following discussion. 

Chemical Flooding 

Chemical oil recovery methods include polymer, surfactant/polymer (variations 
are called micellar-polymer, microemulsion, or low tension waterflooding), and 
alkaline (or caustic) flooding. All of these methods involve mixing chemicals 
(and sometimes other substances) in water prior to injection. Therefore, these 
methods require conditions that are very favorable for water injection: low-to- 
moderate oil viscosities, and moderate-to-high permeabilities. Hence, chemical 
flooding is used for oils that are more viscous than those oils recovered by gas 
injection methods but less viscous than oils that can be economically recovered 
by thermal methods. Reservoir permeabilities for chemical flood conditions need 
to be higher than for the gas injection methods, but not as high as for thermal 
methods. Since lower mobility fluids are usually injected in chemical floods, 
adequate injectivity is required. If previously waterflooded, the chemical flood 
candidate should have responded favorably by developing an oil bank. Generally, 
active waterdrive reservoirs should be avoided because of the potential for low 
remaining oil saturations. Reservoirs with gas caps are ordinarily avoided since 
mobilized oil might resaturate the gas cap. Formations with high clay contents 
are undesirable since the clays increase adsorption of the injected chemicals. 
In most cases, reservoir brines of moderate salinity with low amounts of divalent 
ions are preferred since high concentrations interact unfavorably with the 
chemicals that are injected. 

Polymer-Augmented Waterfloodhg 

High mobility ratios cause poor displacement and sweep efficiencies, and 
result in early breakthrough of injected water. By reducing the mobility of water, 
water breakthrough can be delayed by improving the displacement, areal, and 
vertical sweep efficiencies; therefore more oil can be recovered at any given water 
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cut. Thus, the ultimate oil recovery at a given economic limit may be 4%-10% 
higher with a mobilitycontrolled flood than with plain water. Additionally, the 
displacement is more efficient in that less injection water is required to produce 
a given amount of oil. 

The need to control or reduce the mobility of water led to the advent of 
polymer flooding or polymer-augmented waterflooding. Polymer flooding is 
viewed as an improved waterflooding technique since it does not ordinarily 
recover residual oil that has been trapped in pore spaces and isolated by water. 
However, polymer flooding can produce additional oil over that obtained from 
waterflooding by improving the displacement efficiency and increasing the 
volume of reservoir that is contacted. Dilute aqueous solutions of water-soluble 
polymers have the ability to reduce the mobility of water in a reservoir thereby 
improving the efficiency of the flood. Partially hydrolyzed polyacrylamides 
(HPAM) and xanthan gum (XG) polymers both reduce the mobility of water by 
increasing viscosity. In addition, HPAM can alter the flow path by reducing the 
permeability of the formation to water. The reduction in permeability to water 
that is achieved with HPAM solution can be fairly permanent while the per- 
meability to oil can remain relatively unchanged. The resistance factor is a term 
that is commonly used to indicate the resistance to flaw that is encountered by 
a polymer solution as compared to the flow of plain water. For example, if a 
resistance factor of 10 is observed, it is 10 times more difficult for the polymer 
solution to flow through the system, or the mobility of water is reduced 10-fold. 
Since water has a viscosity of about 1 cp, the polymer solution, in this case, 
would flow through the porous system as though it had an apparent or effective 
viscosity of 10 cp even though a viscosity measured in a viscometer could be 
considerably lower. 

The improvement in areal sweep efficiency resulting from polymer treatment 
can be estimated from Figure 5-161. For example, if the mobility ratio for a 
waterflood with a 5-spot pattern is 5, the areal sweep efficiency is 52% 
at breakthrough. If the economic limit is a producing water41 ratio of 1OO:l  
(f, G 100/101 = 0.99), the sweep efficiency at floodout is about 97%. If the 
polymer solution results in the mobility ratio being lowered to 2, sweep effici- 
encies are 60% at breakthrough and 100% at the same economic water-oil ratio. 

A simplified approach to qualitatively observing the improvement with 
polymers in a stratified system is illustrated in Figure 5-164. For example, if 
the permeability variation is 0.7, the waterflood mobility ratio is 5, and the 
initial water saturation is 0.3, the fractional recovery of oil-in-place can be 
estimated. From the plot, R(l  - 0.4 S,) = 0.29, and the fractional recovery, R, 
is 0.29/[1 - (0.4)(0.3)] = 0.33. This R needs to be multiplied by the areal sweep 
efficiency of 0.97 to yield a recovery of 32% of the oil-in-place. If polymers again 
reduce the mobility ratio to 2 (and if no improvement in permeability variation 
occurs), a fractional recovery of 0.375 is obtained. Since the areal sweep with 
the polymer flood is loo%, a recovery of 37.5% of the oil-in-place is estimated. 
Thus the improvement with polymers is estimated at 0.375-0.32 or 5.5% of 
the oil-in-place. If the flow distribution with polymer solution lowered the 
permeability variation (which is not likely), the incremental production could 
be higher. These calculations are gross oversimplifications of actual conditions 
and only serve as a tool to show that reducing mobility ratio with polymers can 
improve the sweep efficiencies. 

A properly sized polymer treatment may require the injection of 15%-25% 
of a reservoir pore volume; polymer concentrations may normally range from 
250 to 2,000 mg/L. For very large field projects, millions of pounds of polymer 
may be injected over a 1-2 year period of time; the project then reverts to a 
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normal waterflood. The polymer flooding literature was reviewed in the late 
1970s [387]. Recommendations on the design of polymer floods were recently 
made available [388]. 

Variations In the Use of Polymers 

In-Situ Polymerizatlon. A system is available in which acrylamide monomer is 
injected and polymerized in the reservoir. Both injection wells and producing 
wells have been treated. 

Crosslinked or Gelled Polymers. Several methods are available for diverting 
the flow of water in reservoirs with high permeability zones or fracture systems. 
Some methods are only effective near the injection well while others claim the 
treatment can be effective at some depth into the reservoir. Both producing wells 
and injection wells can be treated. 

One method is the aluminum citrate process which consists of the injection 
of a slug of HPAM polymer solution, aluminum ion chelated with citrate ion, 
and a second slug of polymer. Some of the polymer in the first slug adsorbs or 
is retained on the surfaces of the reservoir. The aluminum ion attaches to the 
adsorbed polymer and acts as a bridge to the second polymer layer. This 
sequence is repeated until the desired layering is achieved. The transport of 
aluminum ions through the reservoir may be a problem in certain cases, so the 
effects of the treatment may be limited to near the wellbore. 

Another method is based on the reduction of chromium ions to permit the 
crosslinking of HPAM or XG polymer molecules. A polymer slug containing Cr* 
is injected followed by a slug of polymer containing a reducing agent. When 
the Cr* is reduced to Cr+3, a gel is formed with the polymer. The amount of 
permeability reduction is controlled by the number of times each slug is injected, 
the size of each slug, or the concentrations used. An alternate treatment involves 
placing a plain water pad between the first and second polymer slugs. 

In another variation of the above two methods for HPAM, a cationic polymer 
is injected first. Since reservoir surfaces are often negatively charged, the cationic 
polymer is highly adsorbed. When the foregoing sequential treatments are 
injected, there is a strong attraction between the adsorbed cationic polymer and 
the anionic polymers that follow. 

Polymer concentrations used in these variations are normally low, on the order 
of 250 mg/L. With low molecular weight polymers or if a very stiff gel is desired, 
polymer concentrations of 1-1.5% are common. The type of polymers are similar 
to those used in conventional polymer flooding, but the products used for 
gelation command a higher price. 

Methods developed recently, especially for fracture treatments, include C F  
(acetate)-polyacrylamide, collordal silica, and resorcinol-formaldehyde. 

Surfactant and Alkallne Flooding 

Both alkaline flooding and surfactant flooding improve oil recovery by lowering 
the interfacial tension between crude oil and the displacing water. With alkaline 
flooding, the surfaaants are generated in situ when the alkaline materials react 
with crude oil-this technique is normally only viable when the crude oil contains 
sufficient amount of organic acids to produce natural surfactants. Other possible 
mechanisms with the caustic mterials include emulsifbtion of the oil and alteration 
in the prekential wettability of the reservoir rock. 

With surfactant flooding, surfaceactive agents are mixed with other compounds 
(such as alcohol and salt) in water and injected to mobilize the crude oil. 
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Polymer-thickened water is then injected to push the mobilized oil-water bank to 
the producing wells. Water-soluble polymers can be used in a similar fashion with 
alkaline flooding. For micellar/polymer flooding, the concentration of polymer used 
may be similar to the value given for polymer flooding, but the volume of polymer 
solution may be increased to 50% or more of a reservoir pore volume. 

Alkaline Floodlng. Alkaline or caustic flooding consists of injecting aqueous 
solutions of sodium hydroxide, sodium carbonate, sodium silicate or potassium 
hydroxide. The alkaline chemicals react with organic acids in certain crude oils 
to produce surfactants in situ that dramatically lower the interfacial tension 
between water and oil. The alkaline agents also react with the reservoir rock 
surfaces to alter wettability-either from oil-wet to water-wet, or vice versa. Other 
mechanisms include emulsification and entrainment of oil or emulsification and 
entrapment of oil to aid in mobility control. Since an early patent in the 1920s 
described the use of caustic for improved recovery of oil, much research and 
some field tests have been conducted. Slug size of the alkaline solution is often 
10%-15% PV, concentrations of the alkaline chemical are normally 0.2% to 5%. 
Recent tests are using large amounts of relatively high concentrations. A preflush 
of fresh or softened water often precedes the alkaline slug, and a drive fluid 
(either water or polymer-thickened water) follows the alkaline slug. 

SurfactantlPolymer Floodlng. Surfactant use for oil recovery is not a recent 
development. Patents in the late 1920s and early 1930s proposed the use of low 
concentrations of detergents to reduce the interfacial tension between water and 
oil. To overcome the slow rate of advance of the detergent, Taber [389] proposed 
very high concentrations (-10%) of detergent in aqueous solution. 

During the la* 1950s and early 1960s, several different present-day methods 
of using surfactants for enhanced recovery were developed. A review of these 
methods is beyond the scope of this chapter and is available in the literature 
[390-3931. In some systems, a small slug (> about 5% PV) was proposed that 
included a high concentration of surfactant (normally 5%-10%). In many cases, 
the microemulsion includes surfactant, hydrocarbon, water, an electrolyte (salt), 
and a cosohrent (usually an alcohol). These methods ordinarily used a slug (30%- 
50% PV) of polymer-thickened water to provide mobility control in displacing 
the surfactant and oil-water bank to the producing wells. The polymers used 
are the same as those discussed in the previous section. In most cases, low-cost 
petroleum sulfonates or blenda with other surfactants have been used. Inter- 
mediate surfactant concentrations and low concentration systems (low tension 
waterf loodmg) have also been proposed. The lower surfactant concentration 
systems may or may not contain polymer in the surfactant slug, but will utilize 
a larger slug (30%-100% PV) of polymer solution. 

Alkallne/Surfacttmt/Polymer Floodlng. A recent development uses a combina- 
tion of chemicals to lower process costs by lowering injection cost and reducing 
surfactant adsorption. These mixtures, termed alkaline/surfactant/polymer 
(ASP), permit the injection of larger slugs of injectant because of the lower cost. 

Gas Injection Methods 

Hydrocarbon Mlscible Floodlng 

Gas injection is certainly one of the oldest methods utilized by engineers to 
improve recovery, and its use has increased recently, although most of the new 
expansion has been coming from the nonhydrocarbon gases [394]. Because of 
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the increasing interest in CO, and nitrogen or flue gas methods, they are 
separated from the hydrocarbon miscible techniques. 

Hydrocarbon miscible flooding can be subdivided further into three distinct 
methods, and field trials or extensive operations have been conducted in all of 
them. For LPG slug or solvent flooding, enriched (condensing) gas drive and 
high pressure (vaporizing) gas drive, a range of pressures (and therefore, depths) 
are needed to achieve miscibility in the systems. 

Unless the reservoir characteristics were favorable, early breakthrough and 
bypassing of large quantities of oil have plagued many of the field projects. In 
addition, the hydrocarbons needed for the processes are valuable, and there is 
increasing reluctance to inject them back into the ground when there is some 
question about the percentage that will be recovered the second time around. 
Therefore, in the U.S. in recent years the emphasis has been shifting to less 
valuable nonhydrocarbon gases such as CO,, nitrogen, and flue gases. Although 
nitrogen and flue gases do not recover oil as well as the hydrocarbon gases (or 
liquids), the overall economics may be somewhat more favorable. 

Nitrogen and Flue Gas Flooding 

As previously mentioned, nitrogen and flue gas (about 87% N2 and 12% CO,) 
are sometimes used in place of hydrocarbon gases because of economics. 
Nitrogen also competes with CO, in some situations for the same reason. The 
economic appeal of nitrogen stems not only from its lower cost on a standard 
Mcf basis, but also because its compressibility is much lower. Thus, for a given 
quantity at standard conditions, nitrogen will occupy much more space at 
reservoir pressures than CO, or even methane at the same conditions. However, 
both nitrogen or flue gas are inferior to hydrocarbon gases (and much inferior 
to CO,) from an oil recovery point of view. Nitrogen has a lower viscosity and 
poor solubility in oil and requires a much higher pressure to generate or develop 
miscibility. The increase in the required pressure is significant compared to 
methane and very large (4-5 times) when compared to COY Therefore, nitrogen 
will not reduce the displacement efficiency too much when used as a chase gas 
for methane, but it can cause a significant drop in the effectiveness of a CO, 
flood if the reservoir pressures are geared to the miscibility requirements for 
CO, displacements. Indeed, even methane counts as a desirable “light end” or 
“intermediate” in nitrogen flooding, but methane is quite deleterious to the 
achievement of miscibility in CO, flooding at modest pressures. 

Carbon Dioxlde Flooding 

CO, is effective for recovery of oil for a number of reasons. In general, carbon 
dioxide is very soluble in crude oils at reservoir pressures; therefore, it swells 
the net volume of oil and reduces its viscosity even before miscibility is achieved 
by the vaporizing gas drive mechanism. As miscibility is approached, both the 
oil phase and the CO, phase (which contains many of the oil’s intermediate 
components) can flow together because of the low interfacial tension and the 
relative increase in the total vohmes of the combined CO, and oil phases 
compared to the water phase. However, the generation of miscibility between 
the oil and CO, is still the rhost important mechanism, and it will occur in GO2- 
crude oil systems as long as the pressure is high enough. This so-called “mini- 
mum miscibility pressure” or MMP has been the target of several laboratory 
investigations and is no longer a mystery. The 1976 NPC report [380] showed 
that there is a rough correlation between the API gravity and the required MMP, 
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and that the MMP increased with temperature. Some workers have shown that 
a better correlation is obtained with the molecular weight of the C,+ fraction 
of the oil than with the API gravity. In general the recent work shows that the 
required pressure must be high enough to achieve a minimum density in the 
CO, phase [395,396]. At this minimum density, which varies with the oil com- 
position, the CO, becomes a good solvent for the oil, especially the intermediate 
hydrocarbons, and the required miscibility can be generated or developed to 
provide the efficient displacement normally observed with CO,. Therefore, at 
higher temperatures, the higher pressures are needed only to increase the CO, 
density to the same value as observed for the MMP at the lower temperature. 
Figure 5-175 shows the variation of minimum miscibility pressure with tem- 
perature and oil composition [397]. 

Although the mechanism for CO, flooding appears to be the same as that 
for hydrocarbon miscible floods, CO, floods may give better recoveries even if 
both systems are above their required miscibility pressures, especially in tertiary 
floods. Compared to hydrocarbons, CO, has a much higher solubility in water, 
and it has been observed in laboratory experiments to diffuse through the water 
phase to swell bypassed oil until the oil is mobile. Thus, not only are the oil 
and depth screening criteria easier to meet in CO, flooding, but the ultimate 
recovery may be better than with hydrocarbons when above the MMP. It must 
be noted, however that this conjecture has not been proved by rigorous and 
directly comparable experiments. 
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Figure 5-175. Correlations for CO, minimum miscibility pressure [397]. 
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Thermal Recovery 

In-Sltu Combustion 

The theory and practice of in-situ combustion or fireflooding is covered 
comprehensively in the recent SPE monograph on thermal recovery by Prats 
[378]. In addition, the continuing evolution of screening criteria for fireflooding 
[398,399] and steamflooding [400] have been reviewed and evaluated by Chu. 
A recent appraisal of in-situ combustion w a s  provided by White [401] and the 
status of oxygen fireflooding w a s  provided by Garon [402]. 

Part of the appeal of fireflooding comes from the fact that it uses the world’s 
cheapest and most plentiful fluids for injection: air and water. However, sig- 
nificant amounts of fuel must be burned, both above the ground to compress 
the air, and below ground in the combustion process. Fortunately, the worst part 
of the crude oil is burned; the lighter ends are carried forward in advance of 
the burning zone to upgrade the crude oil. 

Steam Flooding 

Of all of the enhanced oil recovery processes currently available, only the 
steam drive (steamflooding) process is routinely used on a commercial basis. 
In the United States, a majority of the field testing with this process has 
occurred in California, where many of the shallow, high-oil-saturation reservoirs 
are good candidates for thermal recovery. These reservoirs contain high-viscosity 
crude oils that are difficult to mobilize by methods other than thermal recovery. 

In the steam drive process, steam is continuously introduced into injection 
wells to reduce the viscosity of heavy oil and provide a driving force to move 
the more mobile oil towards the producing wells. In typical steam drive projects, 
the injected fluid at the surface may contain about 80% steam and 20% water 
(80% quality) [380]. When steam is injected into the reservoir, heat is transferred 
to the oil-bearing formation, the reservoir fluids, and some of the adjacent cap 
and base rock. As a result, some of the steam condenses to yield a mixture of 
steam and hot water flowing through the reservoir. 

The steam drive may work by driving the water and oil to form an oil bank 
ahead of the steamed zone. Ideally this oil bank remains in front, increasing in 
size until it is produced by the wells offsetting the injector. However, in many 
cases, the steam flows over the oil and transfers heat to the oil by conduction. 
Oil at the interface is lowered in viscosity and dragged along with the steam to 
the producing wells. Recoverability is increased because the steam (heat) lowers 
the oil viscosity and improves oil mobility. As the more mobile oil is displaced 
the steam zone expands vertically, and the steam-oil interface is maintained. 
This process is energy-intensive since it requires the use of a significant fraction 
(25%-40%) of the energy in the produced petroleum for the generation of steam. 

In steamflooding, the rate of steam injection is initially high to minimize heat 
losses to the cap and base rock. Because of reservoir heterogeneities and gravity 
segregation of the condensed water from the steam vapor, a highly permeable 
and relatively oil-free channel often develops between injector and producer. 
Many times this channel occurs near the top of the oil-bearing rock, and much 
of the injected heat is conducted to the caprock as heat loss rather than being 
conducted to oil-bearing sand where the heat is needed. In addition, the steam 
cannot displace oil efficiently since little oil is left in the channel. Consequently, 
neither the gas drive from the steam vapor nor the convective heat transfer 
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mechanisms work as efficiently as desired. As a result, injected steam will tend 
to break through prematurely into the offset producing wells without sweeping 
the entire heated interval. 

Technical Screening Guides 

In some instances, only one type of enhanced recovery technique is applicable 
for a specific field condition but, in many instances, more than one technique 
is possible. The selection of the most appropriate process is facilitated by 
matching reservoir and fluid properties to the requirements necessary for the 
individual EOR techniques. A summary of the technical screening guides for 
the more common EOR processes is given in Table 5-46. A distinction is made 
between the oil properties and reservoir characteristics that are required for each 
process. Generally, steamflooding is applicable for very viscous oils in relatively 
shallow formations. On the other extreme, CO, and hydrocarbon miscible 
flooding work best with very light oils at depths that are great enough for 
miscibility to be achieved. Both steamflooding and in-situ combustion require 
fairly high permeability reservoirs. Chemical flooding processes (polymer, 
alkaline, or surfactant) are applicable in low to medium viscosity oils; depth is 
not a major consideration except, at great depths, the higher temperature may 
present problems in the degradation or consumption of some of the chemicals. 

Screening guides or criteria are among the first items considered when a 
petroleum engineer evaluates a candidate reservoir for enhanced oil recovery. 
A source often quoted for screening criteria is the 1976 National Petroleum 
Council (NPC) report on Enhanced Recovery [380], which was revised by the 
NPC in 1984 [381]. Both reports list criteria for six enhanced recovery methods. 

Some reservoir considerations apply to all enhanced recovery methods. 
Because drilling costs increase markedly with depth, shallow reservoirs are 
preferred, as long as all necessary criteria are met. For the most part, reservoirs 
that have extensive fractures, gross heterogeneities, thief zones, or are highly 
faulted should be avoided. Ideally, relatively uniform reservoirs with reasonable 
oil saturations, minimum shale stringers, and good areal extent are desired. 

Implementation of enhanced recovery projects is expensive, time-consuming, 
and people-intensive. Substantial costs are often involved in the assessment of 
reservoir quality, the amount of oil that i s  potentially recoverable, laboratory 
work associated with the EOR process, computer simulations to predict recovery, 
and the performance of the project. One of the first steps in deciding to 
consider EOR is, of course, to select reservoirs with sufficient recoverable oil 
and areal extent to make the venture profitable. 

With any of the processes, the nature of the reservoir will play a dominant 
role in the success or failure of the process. Many of the failures with EOR have 
resulted because of unknown or unexpected reservoir problems. Thus, a thorough 
geological study is usually warranted. 

The technique of using cursory screening guides is convenient for gaining a 
quick overview of all possible methods before selecting the best one for an 
economic analysis. Common sense and caution must be exercised since the 
technical guides are based on laboratory data and results of enhanced recovery 
field trials, and are not rigid guides for applying certain processes to specific 
reservoirs. Additionally, the technical merits of recent field projects are clouded 
by various incentive programs that make it difficult to discern true technical 
applications. Some projects may have been technical misapplications or failures, 
but economic successes. Certainly, there have been enough technical successes, 
but economic failures. 



Table 5-46 
Summary of Screening Criteria for Enhanced Recovery Methods 

011 propertles ReseWOlr characterlstlcs 

Net Average 
Gravity Viscosity Oil Formation thickness permeability Depth Temperature 

OAPl CP Composltlon Saturatlon b P e  ft  md ft  "F 

Gas injection methods 

Hydrocarbon 
Nitrogen & flue gas 

Carbon dloxlde 

Chemical Flooding 

Surfactanffpolymer 

Polymer 

Alkaline 

Thermal 

Combustion 

Steamflooding 

> 35 c 10 
> 24 

> 35 for N, c 10 

>26  c 15 

> 25 c 30 

> 25 c 150 

13-35 < 200 

c 40 
(1 0-25 

normally) c 1,000 

c 25 > 20 

High % of 
c 2  - c 7  
High % of 
C I  - c 7  
High % of 
c 2  - c12 

Light interme- 
diates desired 

N.C. 

Some organic 
acids 

Some 
asphaltic 
components 

N.C. 

Sandstone or Thin unless 

Sandstone or Thin unless 

Sandstone or Thin unless 

> 30% PV carbonate dipping 

> 30% PV carbonate dipping 

> 30% PV carbonate dipping 

Sandstone 
> 30% PV preferred > 10 

Sandstone pre 
10% PV ferred; carbon- 

Mobile oil ate possible N.C. 
Above 

waterflood Sandstone 
residual preferred N.C. 

Sand or sand 
> 40-50% stone with 
PV high porosity > 10 

Sand or sand 
40-50% stone with 

PV high porosity > 20 

> 2,000 
(LPG) to 
> 5,000 

N.C. (H.P. Gas) 
N.C. > 4,500 

N.C. > 2,000 

> 20 c 8,000 

> 10 
(normally) c 9,000 

> 20 c 9,000 

> loo* > 500 

> 200"' 300-5,000 

N.C. 
N.C. 

N.C. 

c 175 

c 200 

c 200 

> 150 
preferred 

N.C. 

From Reference 386. 
N.C. = Not Critical 

Transmissibility > 20 md Wcp 
*" Transmissibllity > 100 md Wcp 
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Nevertheless, some EOR processes can be rejected quickly because of unfavor- 
able reservoir or oil properties, so the use of preferred criteria can be helpful 
in selecting methods that may be commercially attractive. If the criteria are too 
restrictive, some feasible method may be rejected from consideration. Therefore, 
the guidelines that are adopted should be sufficiently broad to encompass 
essentially all of the potential methods for a candidate reservoir. 

For convenience, brief descriptions of the eight most common enhanced 
recovery methods are provided in the following sections. These descriptions list 
the salient features of each method along with the important screening guides. 
A few general comments are offered here on the relative importance of some 
individual screening guides to the overall success of the various methods. In 
addition, we will make some observations on the method itself and its relation- 
ship to other enhanced recovery choices that may be available. 

Hydrocarbon Misclble Flooding [386] 

Description. Hydrocarbon miscible flooding consists of injecting light hydro- 
carbons through the reservoir to form a miscible flood. Three different methods 
are used. One method uses about 5% PV slug of liquidifed petroleum gas (LPG) 
such as propane, followed by natural gas or gas and water. A second method, 
called enriched (condensing) gas drive, consists of injecting a 10%-20% PV slug 
of natural gas that is enriched with ethane through hexane (C, to CJ, followed 
by lean gas (dry, mostly methane) and possibly water. The enriching components 
are transferred from the gas to the oil. The third method, called high pressure 
(vaporizing) gas drive, consists of injecting lean gas at high pressure to vaporize 
C,-C, components from the crude oil being displaced. 

Mechanisms. Hydrocarbon miscible flooding recovers crude oil by: 

Generating miscibility (in the condensing and vaporizing gas drive) 
Increasing the oil volume (swelling) 
Decreasing the viscosity of the oil 

Technical Screening Guihs 
Crude oil 

Gravity 
Viscosity 
Composition 

Oil saturation 
Type of formation 

Net thickness 

Reservoir 

Average permeability 
Depth 
Temperature 

Llmltations. 

>35" API 

High percentage of light hydrocarbons (C, -C,) 

>30% PV 
Sandstone or carbonate with a minimum of 
fractures and high permeability streaks 
Relatively thin anless formation is steeply 
dipping 
Not critical if uniform 
>2,000 ft (LPG) to >5000 ft (high pressure gas) 
Not critical 

e10 cp 

The minimum depth is set by the pressure needed to maintain the generated 
miscibility. The required pressure ranges from about 1,200 psi for the LPG 
process to 3,000-5,000 psi for the high pressure gas drive, depending on 
the oil. 
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A steeply dipping formation is very desirable to permit some gravity 
stabilization of the displacement which normally has an unfavorable mobility 
ratio. 

Problems. 

Viscous fingering results in poor vertical and horizontal sweep efficiency. 
Large quantities of expensive products are required. 
Solvent may be trapped and not recovered. 

Nitrogen and Flue Gas Flooding [a861 

Description. Nitrogen and flue gas flooding are oil recovery methods which 
use these inexpensive nonhydrocarbon gases to displace oil in systems which 
may be either miscible or immiscible depending on the pressure and oil 
composition. Because of their low cost, large volumes of these gases may be 
injected. Nitrogen or flue gas are also considered for use as chase gases in 
hydrocarbon-miscible and CO, floods. 

Mechanisms. Nitrogen and flue gas flooding recover oil by: 

Vaporizing the lighter components of the crude oil and generating mis- 

Providing a gas drive where a significant portion of the reservoir volume 
cibility if the pressure is high enough. 

is filled with low-cost gases. 

Teehnierrl Screenhg Guides 
Cmde oil 

Gravity 
Viscosity 
Composition 

Oil saturation 
Type of formation 

Net thickness 
Average permeability 
Depth 
Temperature 

RssnVoiT 

>24" API (>SSo for nitrogen) 
e10 cp 
High percentage of light hydrocarbons (C,-C,) 

>SO% PV 
Sandstone or carbonate with few fractures 
and high permeability streaks 
Relatively thin unless formation is dipping 
Not critical 
r1.500 ft 
Not critical 

Llmitatlons. 

Developed miscibility can only be achieved with light oils and at high 

A steeply dipping formation is desired to permit gravity stabilization of the 
pressures; therefore, deep reservoirs are needed. 

displacement which has a very unfavorable mobility ratio. 

Problems. 

Viscous fingering results in poor vertical and horizontal sweep efficiency, 
Corrosion can cause problems in the flue gas method. 
The nonhydrocarbon gases must be separated from the saleable produced 
gas- 
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Carbon Dioxide Floodlng [386] 

Description. Carbon dioxide flooding is carried out by injecting large quantities 
of CO, (15% or more of the hydrocarbon PV) into the reservoir Although CO, 
is not truly miscible with the crude oil, the CO, extracts the light-to-intermediate 
components from the oil, and, if the pressure is high enough, develops m i s -  
cibility to displace the crude oil from the reservoir. 

Mechanisms. CO, recovers crude oil by: 

Generation of miscibility 
Swelling the crude oil 
Lowering the viscosity of the- oil 
Lowering the interfacial tension between the oil and the C0,-oil phase in 
the near-miscible regions. 

Technical Screening Guides 
Crude oil 

Gravity 
Viscosity 
Composition 

Reservoir 
Oil saturation 
Type of formation 

Net thickness 

Average permeability 

Depth 

Temperature 

>26" API (preferably >30°) 
e15 cp (preferably e10 cp) 
High percentage of intermediate 
hydrocarbons (C5-C,J, especially C,-C,, 

>30% PV 
Sandstone or carbonate with a minimum of 
fractures and high permeability streaks 
Relatively thin unless formation is steeply 
dipping. 
Not critical if sufficient injection rates can 
be maintained. 
Deep enough to allow high enough pressure 
(> about 2,000 ft), pressure required for 
optimum production (sometimes called 
minimum miscibility pressure) ranges from 
about 1,200 psi for a high gravity (>30" 
API) crude at low temperatures to over 
4,500 psi for heavy crudes at higher 
temperatures. 
Not critical but pressure required increases 
with temperature. 

Limitations. 

Very low viscosity of CO, results in poor mobility control. 
Availability of CO,. 

Problems. 

Early breakthrough of CO, causes several problems: corrosion in the 
producing wells; the necessity of separating CO, from saleable hydro- 
carbons; repressuring of CO, for recycling; and a high requirement of CO, 
per incremental barrel produced. 
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SurfactantlPolymsrr Flooding 

Description. Surfactant/polymer flooding, also called micellar/polymer or 
microremulsion f looding, consists of injecting a slug that contains water, 
surfactant, electrolyte (salt), usually a cosolvent (alcohol), and possibly a hydro- 
carbon (oil). The size of the slug is often 5%-15% PV for a high surfactant 
concentration system and 15%-50% PV for low concentrations. The surfactant 
slug is followed by polymer-thickened water. Concentrations of the polymer often 
range from 500-2,000 mg/L; the volume of polymer solution injected may be 
50% W, more or less, depending on the process design. 

Mechanisms. Surfactant/polymer f boding recovers crude oil by: 

Lowering the interfacial tension between oil and water 
Solubilization of oil 
Emulsification of oil and water 
.Mobility enhancement 

Technical Smeenirag Gui&s 
cmrde oil 

Gravity 
Viscosity 
Composition 

Oil saturation 
Type of formation 
Net thickness 
Average permeability 

Temperature 

Reservoir 

Depth 

Limitatlons. 

> 2 5 O  API 
e30 cp 
Light intermediates are desirable 

>30% PV 
Sandstones preferred 
>10 ft 
>20 md 
e about 8,000 ft (see temperatwe) 
475°F 

An areal sweep of more than 50% on waterflood is desired. 
Relatively homogeneous formation is preferred. 
High amounts of anhydrite, gypsum, or clays are undesirable. 
Available systems provide optimum behavior over a very narrow set of 

With commercially available surfactants, formation water chlorides should 
conditions. 

be 80,000 ppm and divalent ions (Ca* and Mg”) 4 0 0  ppm. 

Problems. 

Complex and expensive system. 
Possibility of chromatographic separation of chemicals. 
High adsorption of surfactant. 
Interactions between surfactant and polymer. 
Degradation of chemicals at high temperature. 

Polymer Flooding [386] 

Descrlptlan. The objective of polymer flooding is to provide better displacement 
and volumetric sweep efficiencies during a waterflood. Polymer augmented 
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waterflooding consists of adding water soluble polymers to the water before it 
i s  injected into the reservoir. Low concentrations (often 250-2,000 mg/L) of 
certain synthetic or biopolymers are used; properly sized treatments may require 
1596-2596 reservoir PV. 

Mechanisms. Polymers improve recovery by: 

Increasing the viscosity of water 
Decreasing the mobility of water 
Contacting a larger volume of the reservoir 

Technical Smming Guides 
cmtde oil 

Gravity 
Viscosity 
Composition 

Oil saturation 
Type of formation 

Net thickness 
Average permeability 

Temperature 

Reservoir 

Depth 

Limitations. 

>25" API 
4 5 0  cp (preferably < 100) 
Not critical 

>lo% PV mobile oil 
Sandstones preferred but can be used in 
carbonates 
Not critical 
>10 md (as low as 3 md in some cases) 
c about 9,000 ft (see temperature) 
~200°F to minimize degradation 

If oil viscosities are high, a higher polymer concentration is needed to 
achieve the desired mobility control. 
Results are normally better if the polymer flood is started before the water- 
oil ratio becomes excessively high. 
Clays increase polymer adsorption. 
Some heterogeneities are acceptable, but for conventional polymer flooding, 
reservoirs with extensive fractures should be avoided. If fractures are 
present, the crosslinked or gelled polymer techniques may be applicable. 

Problems. 

Lower injectivity than with water can adversely affect oil production rate 

Acrylamidetype polymers lose viscosity due to shear degradation or increases 

Xanthan gum polymers cost more, are subject to microbial degradation, 

in the early stages of the polymer flood. 

in salinity and divalent ions. 

and have a greater potential for wellbore plugging. 

Alkaline Flooding [386] 

Description. Alkaliie or caustic flooding involves the injection of chemicals such 
as sodium hydroxide, sodium silicate or sodium carbonate. These chemicals react 
with organic petroleum acids in certain crudes to create surfactants in situ. They 
also react with reservoir rocks to change wettability. The concentration of the 
alkaline agent i s  normally 0.2 to 5 %  slug size is often 10% to 50% FV, although 
one successful flood only used 9% PV, (but this project also included polymers 
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for mobility control). Polymers may be added to the alkaline mixture, and 
polymer-thickened water can be used following the caustic slug. 

Mechanisms. Alkaline flooding recovers crude oil by: 

A reduction of interfacial tension resulting from the produced surfactants 
Changing wettability from oil-wet to water-wet 
Changing wettability from water-wet to oil-wet 
Emulsification and entrainment of oil 
Emulsification and entrapment of oil to aid in mobility control 
Solubilization of rigid oil films at oil-water interfaces (Not all mechanisms 
are operative in each reservoir.) 

Technical Screening Guides 
CTUb O d  

Gravity 
Viscosity 
Composition 

Oil saturation 
Type of formation 
Net thickness 
Average permeability 
Depth 
Temperature 

Reservoir 

Limitations. 

13" to 35" API 

Some organic acids required 

Above waterflood residual 
Sandstones preferred 
Not critical 
>20 md 
< about 9,000 ft (see temperature) 
~200°F preferred 

e200 cp 

Best results are obtained if the alkaline material reacts with the crude oiI; 
the oil should have an acid number of more than 0.2 mg KOH/g of oil. 
The interfacial tension between the alkaline solution and' the crude oil 
should be less than 0.01 dyne/cm. 
At high temperatures and in some chemid environments, excessive amounts 
of alkaline chemicals may be consumed by reaction with clays, minerals, 
or silica in the sandstone reservoir. 
Carbonates are usually avoided because they often contain anhydrite or 
gypsum, which interact adversely with the caustic chemical. 

Problems. 

Scaling and plugging in the producing wells. 
High caustic consumption. 

in-Situ Combustion [a861 

Description. In-situ combustion or fireflooding involves starting a fire in the 
reservoir and injecting air to sustain the burning of some of the crude oil. The 
most common technique is forward combustion in which the reservoir is ignited 
in an injection well, and air is injected to propagate the combustion front away 
from the well. One of the variations of this technique is a combination of 
forward combustion and waterflooding (COFCAW). A second technique is 
reverse combustion in which a fire is started in a well that will eventually become 
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a producing well, and air injection is then switched to adjacent wells; however, 
no successful field trials have been completed for reverse combustion. 

Mechanisms. In-situ combustion recovers crude oil by: 

The application of heat which is transferred downstream by conduction and 

The products of steam distillation and thermal cracking which are carried 

Burning coke that is produced from the heavy ends of the crude oil. 
The pressure supplied to the reservoir by the injected air. 

convection, thus lowering the viscosity of the crude. 

forward to mix with and upgrade the crude. 

Technical Screening Guides 
crude oil 

Gravity 
Viscosity 
Composition 

Reservoir 
Oil saturation 
Type of formation 
Net thickness 
Average permeability 
Transmissibility 
Depth 
Temperature 

c40" API (normally 10-25") 

Some asphaltic components to aid coke 
deposition 

> 500 bbl/acre-ft (or >40-50% PV) 
Sand or sandstone with high porosity 
>10 ft 
>lo0 md 
>20 md ft/cp 
>500 ft 
>150"F preferred 

<1,000 cp 

Limitations. 

If sufficient coke is not deposited from the oil being burned, the combus- 
tion process will not be sustained. 
If excessive coke is deposited, the rate of advance of the combustion zone 
will be slow, and the quantity of air required to sustain combustion will 
be high. 
Oil saturation and porosity must be high to minimize heat loss to rock. 
Process tends to sweep through upper part of reservoir so that sweep 
efficiency is poor in thick formations. 

Problems. 

Adverse mobility ratio. 
Complex process, requiring large capital investment, is difficult to control. 
Produced flue gases can present environmental problems. 
Operational problems such as severe corrosion caused by low pH hot water, 
serious oil-water emulsions, increased sand production, deposition of carbon 
or wax, and pipe failures in the producing wells as a result of the very high 
temperatures. 

Steamflooding [386] 

Description. The steam drive process or steamf looding involves the continuous 
injection of about 80% quality steam to displace crude oil towards producing 
wells. Normal practice is to precede and accompany the steam drive by a cyclic 
steam stimulation of the producing wells (called huff and puff). 
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Mechanisms. Steam recovers crude oil by: 

Heating the crude oil and reducing its viscosity 
Supplying pressure to drive oil to the producing well 

Technical Screening Guida 
CTerde oit 

Gravity 
Viscosity 
Composition 

Reseruoir 
Oil saturation 
Type of formation 

Net thickness 
Average Permeability 
Transmissibility 
Depth 
Temperature 

Limitations. 

<25O API (normal range is 10”-25O API) 
>20 cp (normal range is 100-5,000 cp) 
Not critical but some light ends for steam 
distillation will help 

>500 bbvacre-ft (or >40%50% PV) 
Sand or sandstone with high porosity and 
permeability preferred 
>20 feet 
>ZOO md (see transmissibility) 
>lo0 md ft/cp 
500-5,000 ft 
Not critical 

Oil saturations must be quite high and the pay zone should be more than 
20 feet thick to minimize heat losses to adjacent formations. 
Lighter, less viscous crude oils can be steamflooded but normally will not 
be if the reservoir will respond to an ordinary waterflood. 
Steamflooding is primarily applicable to viscous oils in massive, high 
permeability sandstones or unconsolidated sands. 
Because of excessive heat losses in the wellbore, steamflooded reservoirs 
should be as shallow as possible as long as pressure for sufficient injection 
rates can be maintained. 
Steamflooding is not normally used in carbonate reservoirs. 
Since about one-third of the additional oil recovered is consumed to 
generate the required steam, the cost per incremental barrel of oil is high. 
A low percentage of water-sensitive clays is desired for good injectivity. 

Problems. 

Adverse mobility ratio and channeling of steam. 

Criteria for Gas Injection 

For LPG slug or solvent flooding, enriched (condensing) gas drive, and high 
pressure (vaporizing) gas drive, a range of pressures (and therefore, depths) are 
needed to achieve miscibility in the systems. Thus, there is a minimum depth 
requirement for each of the processes as shown earlier (see section on “Hydre 
carbon Miscible Flooding”). The permeability is not critical if the structure is 
relatively uniform; permeabilities of the reservoirs for the current field projects 
range from less than 1 md to several h i e s  [403]. On the other hand, the crude 
oil characteristics are very important. A high-gravity, low-viscosity oil with a high 
percentage of the C,-C, intermediates is essential if miscibility is to be achieved 
in the vaporizing gas drives. 
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As shown earlier under “Nitrogen and Flue Gas Flooding,” the screening 
criteria for flooding with nitrogen or flue gas are similar to those for the high 
pressure gas drive. Pressure and depth requirements, as well as the need for a 
very light oil, are even greater if full miscibility is to be realized in the reservoir. 
The nitrogen and flue gas method is placed between hydrocarbon miscible 
and CO, flooding because the process can also recover oil in the immiscible 
mode. It can be economic because much of the reservoir space is filled with 
low cost gas. 

Because of the minimum pressure requirement, depth is an important screen- 
ing criteria, and CO, floods are normally carried out in reservoirs that are more 
than 2,000 ft deep. The oil composition is also important (see section on 
“Carbon Dioxide Flooding”), and the API gravity exceeds 30” for most of the 
active CO, floods [403]. A notable exception is the Lick Creek, Arkansas, C o d  
waterflood project which was conducted successfully, not as a miscible project, 
but as an immiscible displacement [404]. 

Criteria for Chemical Methods 

For surfactant/polymer methods, oil viscosities of less than 30 cp are desired 
so that adequate mobility control can be achieved. Good mobility control 
is essential for this method to make maximum utilization of the expensive 
chemicals. Oil saturations remaining after a waterflood should be more than 
30% PV to ensure that sufficient oil is available for recovery. Sandstones are 
preferred because carbonate reservoirs are heterogeneous, contain brines with 
high divalent ion contents, and cause high adsorption of commonly used 
surfactants. To ensure adequate injectivity, permeability should be greater than 
20 md. Reservoir temperature should be less than 175°F to minimize degradation 
of the presently available surfactants. A number of other limitations and 
problems were mentioned earlier, including the general requirement for 
low salinity and hardness for most of the commercially available systems. 
Obviously, this method is very complex, expen-sive, and subject to a wide range 
of problems. Most importantly, the available systems provide optimum reduc- 
tion in interfacial tension over a very narrow salinity range. Pref lushes have 
been used to attempt to provide optimum conditions, but they have often 
been ineffective. 

The screening guidelines and a description of polymer flooding are contained 
earlier in Section “Polymer Flooding.” Since the objective of polymer flooding 
is to improve the mobility ratio without necessarily making the ratio favorable, 
the maximum oil viscosity for this method is 100 or possibly 150 cp. If oil 
viscosities are very high, higher polymer concentrations are needed to achieve 
the desired mobility control, and thermal methods may be more attractive. As 
discussed earlier, polymer flooding will not ordinarily mobilize oil that has been 
completely trapped by water; therefore, a mobile oil saturation of more than 
10% is desired. In fact, a polymer flood is normally more effective when started 
at low producing water-oil ratios [405]. Although sandstone reservoirs are usually 
preferred, several large polymer floods have been conducted in carbonate 
reservoirs. Lower-molecular-weight polymers can be used in reservoirs with 
permeabilities as low as 10 md (and, in some carbonates, as low as 3 md). While 
it is possible to manufacture even lower-molecular-weight polymers to inject into 
lower permeability formations, the amount of viscosity generated per pound of 
polymer would not be enough to make such products of interest. With current 
polymers, reservoir temperature should be less than 200°F to minimize degrada- 
tion; this requirement limits depths to about 9,000 ft. A potentially serious 
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problem with polymer flooding is the decrease in injectivity which must accompany 
any increase in injection fluid viscosity. If the decreased injectivity is prolonged, 
oil production rates and project costs can be adversely affected. Injection rates 
for polymer solutions may be only 40%-60% of those for water alone, and the 
reduced injectivity may add several million dollars to the total project costs. 
Other problems common to the commercial polymers are cited earlier. 

Moderately low gravity oils (13'45" API) are normally the target for alkaline 
flooding (see section on "Alkaline Flooding"). These oils are heavy enough to 
contain the organic acids, but light enough to permit some degree of mobility 
control. The upper viscosity limit (~200 cp) is slightly higher than for polymer 
flooding. Some mobile oil saturation is desired, the higher the better. The 
minimum average permeability is about the same as for surfactant/polymer (>20 
md). Sandstone reservoirs are preferred since carbonate formations often contain 
anhydrite or gypsum which react and consume the alkaline chemicals. The 
alkaline materials also are consumed by clays, minerals, or silica; this con- 
sumption is high at elevated temperatures so the maximum desired temperature 
is 200°F. Caustic consumption in field projects has been higher than indicated 
by laboratory tests. Another potential problem in field applications is scale 
formation which can result in plugging in the producing wells. 

Crlteria for Thermal Methods 

For screening purposes, steamflooding and fireflooding are often considered 
together. In general, combustion should be the choice when heat losses from 
steamflooding would be too great. In other words, combustion can be carried 
out in deeper reservoirs and thinner, tighter sand sections where heat losses 
for steamflooding are excessive. Screening guides for in-situ combustion are 
given earlier in Section "In-Situ Combustion." The ability to inject at high 
pressures is usually important so 500 ft has been retained as the minimum depth, 
but a few projects have been done at depths of less than 500 ft. Since the fuel 
and air consumption decrease with higher gravity oils, there is a tendency to 
t ry  combustion in lighter oils if the fire can be maintained, but no projects have 
been done in reservoirs with oil gravities greater than 32" API [403]. 

In summary, if all screening criteria are favorable, fireflooding appears to 
be an attractive method for reservoirs that cannot be produced by methods used 
for the lighter oils. However, the process is very complicated and beset with 
many practical problems such as corrosion, erosion and poorer mobility ratios 
than steamf looding. Therefore, when the economics are comparable, steam 
injection is preferred to a combustion drive [378]. 

Screening criteria for steamflooding are listed earlier in section "Steam- 
flooding". Although steamflooding is commonly used with oils ranging in gravity 
from 10"-25" API, some gravities have been lower, and there is recent interest 
in steamflooding light oil reservoirs. Oils with viscosities of less than 20 cp are 
usually not candidates for steamflooding because waterflooding is less expensive; 
the normal range is 100-5,000 cp. A high saturation of oil-in-place is required 
because of the intensive use of energy in the generation of steam. In order to 
minimize the amount of rock heated and maximize the amount of oil heated, 
formations with high porosity are desired; this means that sandstones or 
unconsolidated sands are the primary target, although a steam drive pilot has 
been conducted in a highly fractured carbonate reservoir in France. The product 
of oil saturation times porosity should be greater than about 0.08 [400]. The 
fraction of heat lost to the cap and base rocks varies inversely with reservoir 
thickness. Therefore, the greater the thickness of the reservoir, the greater 
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the thermal efficiency. Steamf looding is possible in thin formations if the 
permeability is high. High permeabilities (>200 md or preferably >500 md) are 
needed to permit adequate steam injectivity; transmissibility should be greater 
than 100 md ft/cp at reservoir conditions. Depths shallower than about 300 ft 
may not permit good injectivity because the pressures required may exceed 
fracture gradients. Heat losses become important at depths greater than about 
2,500 ft. and steamflooding is not often considered at depths greater than 5,000 
ft. Downhole steam generators may have potential in deeper formations if 
operational problems can be overcome. 

Graphical Representation of Screening Guides 

From the summary of screening guides in Table 546, the viscosity, depth, 
and permeability criteria are presented graphically in Figures 5-176 to 5-178. 
The figures have some features which permit the quick application of screening 
criteria but they cannot replace the table for detailed evaluations. In a sense, 
the figures present a truer picture than the table because there are few absolutes 
among the numbers presented as screening guides in the tables. Different 
authors and organizations may use different parameters for the same process, 
and most of the guidelines are subject to change as new laboratory and field 
information evolves. In field applications, there are exceptions to some of the 
accepted criteria, and the graphs accommodate these nicely. The “greater than” 
and “less than” designations of the tables can also be displayed better graphically. 
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Figure 5-176. Viscosity ranges for EOR processes [386]. 
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Figure 5-177. Depth requirements for EOR processes [386]. 

The range of values are indicated on the graphs by the open areas, and by cross- 
hatching along with general words such as “more difficult,” “not feasible,” etc. 
The “good” or “fair” ranges are those usually encompassed by the screening 
parameters in the table. However, the notation of “good” or “very good” does 
not mean that the indicated process is sure to work; it means simply that it is 
in the preferred range for that oil or reservoir characteristic. 

The inf hence of viscosity on the technical feasibility of different enhanced 
recovery methods is illustrated in Figure 5-176. Note the steady progression, with 
increasing viscosity, from those processes that work well with very light oils 
(hydrocarbon miscible or nitrogen) to oils that are so viscous that no recovery 
is possible unless mining and extraction are employed. 
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Figure 5-178. Permeability ranges for EOR methods [386]. 

For completeness, we have included the two “last resort” methods (special 
steamflooding techniques with shafts, fractures, drainholes, etc., and mining plus 
extraction) are listed in Figure 5-176. These methods are not included in Figures 
5-177 and 5-1 78 because these unconventional techniques are not considered in 
most reservoir studies. 

Figure 5-177 shows that those enhanced recovery processes that work well with 
light oils have rather specific depth requirements. As discussed, each gas 
injection method has a minimum miscibility pressure for any given oil, and the 
reservoir must be deep enough to accommodate the required pressure. 

Figure 5-178 shows that the three methods that rely on gas injection are the 
only ones that are even technically feasible at extremely low permeabilities. The 
three methods that use backup waterflooding need a permeability of greater 
than 10 md in order to inject the chemicals or emulsions and to produce the 
released oil from the rock. Although most authors show a minimum permeability 
requirement of 20 md for polymers, we indicate a possible range down as low as 
3 md for low molecular weight polymers, especially in some carbonate reservoirs. 

The screening guides in the figures can perhaps be summarized by stating a fact 
well-known to petroleum engineers: oil recovery is easiest with light oil in very 
permeable reservoirs and at shallow or intermediate depths. Unfortunately, nature 
has not been kind in the distribution of hydrocarbons, and it is necessary to select 
the recovery method that best matches the oil and reservoir characteristics. 
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Laboratory Design for Enhanced Recovery 

Prellminary Tests 

Water Analysis. A complete water analysis is important to determine the effects 
of dissolved ions on the EOR processes (especially the chemical methods) or 
to ascertain any potential water problems such as scale or corrosion that may 
result when EOR processes are implemented. Water viscosity and density are 
also measured. 

011 Analysis. Oil viscosity and density are measured as well. A carbon number 
distribution of the crude may be obtained, especially if CO, flooding is being 
considered. 

Core Testing. Routine core analyses, such as porosity, permeability, relative 
permeabilities, capillary pressure, and waterflood susceptibility tests are normally 
done by service companies that specialize in these types of tests. Specialized 
core tests, such as thin sections or scanning electron microscopy, are available 
to evaluate the relationship between pore structure and the process being 
considered. If required, stimulation or injectivity improvement measures can 
be recommended. 

Polymer Testlng 

The desirability of adding polymers is determined by evaluating all available 
data to assess the performance of normal waterflooding. Any problems such 
as adverse viscosity ratios or large permeability variations should be identified. 
If the results of this study indicate that mobility control of the waterflood is 
warranted, the following laboratory tests are undertaken. 

Viscosity Testing. Based on the permeability of the reservoir, relative per- 
meability data, and the desired level of mobility control, polymers of certain 
molecular weights are selected for testing. Various concentrations of the polymers 
are dissolved in both the available injection water and in blends of the injection 
and formation waters. Polymer solutions may be non-Newtonian at certain shear 
rates, that is, the viscosity decreases at high shear rates (shear-thinning or 
pseudoplastic). This shear-thinning behavior is reversible and, if observed in the 
reservoir, is beneficial in that good injectivity can result from the lower viscosity 
observed at high shear rates near the injection well. At the lower shear rates 
encountered some distance from the injector, the polymer solution develops a 
higher viscosity. In this testing, it is important to consider not only the viscosity 
of the injected solution, but, more importantly, the in-situ viscosity that is 
achieved in the reservoir. Several things can happen that will reduce viscosity 
when the polymer solution is injected into the reservoir. Reduction in viscosity 
as a result of irreversible shear degradation is possible at the injection wellbore 
if the shear rates or shear stresses are large. Once in the reservoir, dilution with 
formation water or ion exchange with reservoir minerals can cause a reduction 
in viscosity, and the injected polymer concentration will need to be sufficiently 
high to compensate for all viscosity-reducing effects. 

Polymer Retention. Retention of polymer in a reservoir can result from adsorp- 
tion, entrapment, or, with improper application, physical plugging. Polymer 
retention tests are usually performed after a standard waterflood (at residual 
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oil saturation) or during a polymer flood oil recovery test. If pqlymer retention 
tests are conducted with only water initially present in the core, a higher level 
of retention will result from the increased surface area available to the polymer 
solution in the absence of oil. Effluent samples from the core are collected 
during both the polymer injection and a subsequent water flush. These samples 
are analyzed for polymer content. From a material balance, the amount of 
polymer retained in the core is calculated. Results are usually expressed in lbs 
per acre-ft. Excessive retention will increase the amount of polymer that must 
be added to achieve the desired mobility control. The level of polymer retained 
in a reservoir depends on a number of variables: permeability of the rock, 
surface area, nature of the reservoir rock (sandstone, carbonate, minerals, or 
clays), nature of the solvent for the polymer (salinity and hardness), molecular 
weight of the polymer, ionic charge on the polymer, and the volume of porosity 
that is not accessible to the flow of polymer solution. Polymer retention levels 
often range from less than 100 lb/acre-ft to several hundred Ib/acre-ft. 

Surfactant and Alkali Testing 

Laboratory tests consist of measuring the interfacial tension (IFT) between 
the crude oil and the injected solution (alkaline or surfactant additive). This is 
usually done with a spinning drop interfacial tensiometer. With surfactants, the 
requirement for measuring tensions can be minimized by performing vial tests 
to determine solubilization parameters that can be correlated with IFT. Other 
tests include determining relative permeabilities, wettability, and total fluid 
mobilities. Once the optimum conditions are found, results of oil recovery tests 
with the chemical flood additives are conducted, usually at waterflood residual 
oil saturation. 

CO, Flooding 

For the gas injection projects, the trend in this country is toward the use of 
carbon dioxide although the full impact of CO, flooding will be felt in several 
years since construction of CO, pipelines into the west Texas area was completed 
in the 1980s. Carbon dioxide flooding is not a truly miscible process; that is, it 
does not dissolve in all proportions with crude oil. However, CO, can extract 
light to intermediate components out of the crude oil. This C0,-rich mixture 
can develop miscibility and effectively displace additional crude oil. The main 
limitation involved is the very low viscosity of CO, that results in fingering of 
CO, through the more viscous crude oil. This causes premature breakthrough 
of the CO, and reduces the amount of oil recovered per unit volume of CO,. 

A prediction of the minimum pressure required to achieve miscibility can be 
made if the reservoir depth and basic properties of the crude oil are known. 
Laboratory tests often consist of some means of determining the minimum 
miscibility pressure, often by observing the oil displacement efficiency by CO, 
in a small-diameter tube (slim tube) packed with sand or glass beads. Carbon 
number distribution of the crude will be of value in determining if sufficient 
amounts of the C ,  to C,, components are present. 

Thermal Recovery 

Viscosities of very viscous crude oils can be reduced by the use of thermal 
recovery methods. Firef looding or in-situ combustion involves starting a fire in 
the reservoir and injecting air to sustain the burning of some of the crude oil. 
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Heat that is generated lowers the viscosity of the crude oil and results in 
improved recovery. With the steam drive or steamflooding process, steam is 
generated on the surface and injected into the injection wells. Some companies 
are now exploring the use of downhole steam generators in deeper wells where 
heat loss can be a serious problem. A primary problem with steam flooding is 
the channeling of steam through thin sections of the reservoir. To combat this 
problem, several organizations are studying the use of surfactants to create a 
foam in situ for improving sweep efficiency. 
For steamflooding, the most important laboratory tests are, of course, viscosity 

of the crude oil and permeability of the reservoir core material. To be economically 
viable, steamfloods must be conducted in thick, very permeable, shallow reser- 
voirs that contain very viscous crude. 
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Production Engineering 

PROPERTIES OF HYDROCARBON MIXTURES 

This section contains correlation and procedures for the prediction of physical 
properties of natural gas and oil. Physical constants of single components are 
given in Table 6-1. 

Compressibility Factor and Phase Behavlor 

The compressibility factor Z is a dimensionless factor independent of the 
quantity of gas and determined by the character of the gas, the temperature, 
and pressure. 

PV MPV z=-=- 
nRT mRT 

Field Units SI Unlts 

P = absolute pressure 
V =volume 
n =moles 
m =mass 
M = molecular mass 
T = absolute temperature 
R = universal gas constant 

p =density 

psia 
fP 
m/M 
Ib 
Ibhb mole 
"R 
10.73 [psia 
fWoR Ib mole 
mole] 
slugm3 

kPa 
ma 
d M  
kg 
kg/kmole 
K 
8.3145 [kPa 
ms/kmol K] 

wm5 

A knowledge of the compressibility factor means that the density p is also 
known from the relationship 

PM p = -  
ZRT 

Compresslbillty Factor Using the Prlnclple 
of Correspondlng States (CSP) 

The following terms are used, P, T and V, such that 

V v, = -  
p c  Tc vc 

T T, =-, P p =-, (6-3) 

where P ,  Tr and Vr = reduced parameters of pressure, temperature and volume 
P ,  Tc and Vc = critical parameters of P, T and V from Table 6-1 

( ta t  continued on page 368) 
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Table 6-1 
Physical Constants of Hydrocarbons 

1. - 
I 
a 1 

16m3 
aamo 
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58d91 
58.i7A 
72161 
72181 
72in 
ea178 
88176 
8L17a 
88.178 
a 1 7 8  

IMLZOS 
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1- 

- 
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- 
imm 
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ll42Sz 
11- 
1 1 4 m  
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e41 a 
81.162 
98.198 
28.m 
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32Ca 
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imiea 
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mmo 
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34.076 
&%OM 
17.081 
zBK4 
2018 
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211.M3 

la015 - 7asw 

*ow - 
NOTES 
a Air saturated Ilquid. 
b Absolute values from welghts in vacuum. 
c The apparent values from welght in air are shown for 

users' convenience and mmpllanm with ASTM-IP 
Petmleum Measurement Tables. In the United States 
and Great Britain, all cornmemiel welghts are requlred 
by law to be weights In air. All other maas data are 
on an absolute mass (welght in vacuum) basls. 

d At saturatlon pressure (trlple polnt). 
e Sublimation point. 
f The + sign and number following signify the ASTM 

octane number corresponding to that of 2.2.4- 
trimethylpentane wlth the Indicated number of c d  
of TEL added per gal. 

g Determlned at 100°C. 
h Saturation pressure and 15°C. 
I Apparent value at 15%. 
j Average value from octane numbere of more than 

one sample. 
k Relatlve density (speclfii gravity), 48.8°C/150C 

(subllminatlon polnt; solld C,H,Alquid H,O). 

YS 

m Densities of liquid at the boillng point. 
n Heat of sublimation. 
p See Note 10. 
8 Extrapolated to room temperature from hlgher 

temperature. 
t Gross calorific values shown for ideal gas volumes 

are not direct converslons of each other uslng only 
the gas volume per Iiquld volume value shown 
herein. The values differ by the heat of vaporization 
to ideal gas at 288.15 K. 

Y Fixed polnts on the 1968 International Practical 
Temperature Scale (IPTS-88). 

w Value for normal hydrogen (25% para, 75% ortho). 
The value for equillbrlum mixture of para and ortho 
is -0.218; however, in most correlations, 0 is used. 

x Densities at the boiling point In kg/nP for: Ethane, 
548.4; propane, 581.0; propene, 608.8; hydrogen 
sulflde, 960.: sulfur dloxide, 1482.; ammonia. 881.6 
hydrogen chloride, 1192. 
Calculated values. 

() Estimated values. 
t Values are estimated using 2nd vlrlal coefflclents. 
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Table 6-1 
(continued) 
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1. Molecular mass (M) Is based on the following atomlc 
weights: C = 12.011; H = 1.008; 0 I 15.9995; 
N * 14.0087; S = 32.W CI = 35.453. 

2. Bolllng poinl-the temperature at equillbdum 
between the liquid and vapor phases at 101.3260 
kPa (abs). 

3. Freezing point-the temperature at equlllbrlum 
between the crystalllne phase and the alr saturated 
liquid at 101.3250 kPa (abs). 

4. All values for the density and molar volume of 
liquids refer lo the air saturated llquld at 101.3260 
kPa (abs), except when the bolling 
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volume-cublc meter, n+ 
presaure-paecal. Pa (1 Pa = Nlm2) 

Physical constants for molar volume = 22.41363 f 

gas constant, R = 8.31441 J/(K mol) 
0.00031 

8.31441 x 1 W  ma kPa/(K - mol) 
1 .96719 caU(K mol) 

1 n+ = 35.31487 fP = 264.1720 gal 
1 kg = 2.204629 Ib 
1 ke/ma = 0.08242795 Ib/W = 0.001 d C f l  
1 kPa = 0.01 bar = 9.669233 x 1W atm 

1.98598 Btu(lT)PR Ib-mol) 
Converelon factors 

= 0.1450377 IWinP 

= 780 Torr 
1 atm = 101.3250 kPa = 14.69595 IMn* 

1 kJ = 0.2390057 kcal(thermochemlcal) 
= 0.2388459 kcal(1T) 
= 0.9478171 Btu(lT) 

see Rossini, F. D. 'Fundamental Measures and 
Constants for Science and Technology"; CRC 
Press: Cleveland, Ohio, 1974. 
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(text continued from page 365) 
Compressibility factors of many components are available as a function of 

pressure in most handbooks [1,2]. In application of CSP to a mixture of gases, 
pseudocritical temperature (TPJ and pressure (P,) are defined for use in place 
of the true Tc and Pc to determine the compressibility factor for a mixture. 

where subscript i = component in the gas mixture 
yi = mole fraction of component "in in the gas mixture 

For given values of Ppr and Tpr' compressibility factor Z can be determined 
from Figure 6-1. If a gas mixture contains significant concentrations of carbon 
dioxide and hydrogen sulfide, then corrected pseudocritical constants (T iC, P ic) 
are defined as follows: 

Tic = T, - e  (6-6) 

where 

where ycq,yHps = mole fraction of CO, and H,S in mixture 

Direct Calculation of 2 Factors 

The Hall-Yarborough equation is one of the best: 

0.06125Pprt e~p[-1.2(1- t)'] 
Y 

Z =  (6-9) 

where: Ppr = the pseudoreduced pressure 
t = the reciprocal, pseudoreduced temperature TpJT 
y = the reduced density which can be obtained as the solution of the 

equation 

y + y2 + y3 - y4 

(1 - Y I 3  
-0.06125P,texp[-1.2(1- t)'] + 

-(14.76t -9.76t' +4.58t3)y' 

+(90.7t -24.2tP+ 42.4tS)y(P.'8+2.82') = 0 (6-10) 
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Figure 6-1. Compressibility factor for natural gases [l]. 

This nonlinear equation can be conveniently solved for y using the simple 

Good results give cubic equation of state and its modifications. Most sig- 

The Soave equation (SRK) is 

p = - -  

Newton-Raphson iterative technique. 

nificant of the modifications are those of Soave and Peng and Robinson. 

(6-11) 
RT a 

V - b  V(V+b) 
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Zs = ZP + (A - B - B*)Z - AB = 0 

where b = &,bi for a mixture 
bi = 0.08664RTci/P. for a single component 
a = Xi Xjx&a,ajj0.5fi - k,) for a mixture 
a, = a p i  for a smgle component 
a = 0.42748(RTJP/Pci 

mi = 0.48 + 1.5740~ - 0.1760f 
A = aP/(RT)*, B = bP/RT 

The Peng-Robinson equation (PR) is 

a$ = 1 + mi(l - T;A) 

(6-12) 

RT a p=-- 
V - b V(V + b) + b(V - b) 

Z3 - (1 - B)Z4 + (A - 2B - 3B4)Z - (AB - BP - Bs) 0 

where b = Gib. 
bi = 0.07t796RT ./Pc 
a = XiE,%T(aia$02(l - k,) 
ai = aCpi 
a .  = 0.457237(RT .)4/P, 

apz = 1 + mi(l - T?) 
m, = 0.37646 + 1.542260, - 0.269920: 
A, B as in SRK equation 

where P = pressure (absolute units) 
T = temperature (OR or K) 
R = universal gas constant 
Z = compressibility factor 
o = acentric Pitzer factor (see Table 6-1) 

k, = interaction coefficient (= 0 for gas phase mixture) 
T,, Pci = critical parameters (see Table 6-1) 

Both SRK and PR equations are used to predict equilibrium constant K value. 
See derivation of vapor-liquid equilibrium by equation of state at end of 
this subsection. 

Full description of gas, oil and water properties are given in Chapter 5,  
“Reservoir Engineering.” Reservoir hydrocarbon fluids are a mixture of hydro- 
carbons with compositions related to source, history and present reservoir 
conditions. Consider the pressurespecific volume relationship for a single- 
component fluid at constant temperature, below its critical temperature initially 
hold in the liquid phase at an elevated pressure. This situation is illustrated in 
Figure 6-2. Bubble point and dew point curves in Figure 6-2a correspond to the 
vapor pressure line in Figure 6-2b. A locus of bubble points and a locus of dew 
points that meet at a point C (the critical point) indicate that the properties of 
liquid and vapor become indistinguishable. 

Multicomponent systems have different phase behavior than pure component. 
In the P-T diagram instead of the vapor-pressure line we have an area limited 
by saturation line (bubble point + dew point), see Figure 6-3. The diagram’s shape 
is more or less the same for two or three-component systems as for multicomponent 
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Figure 6-2. Phase diagram for a single component. 

systems. For isothermal production in the reservoir, position A indicates reservoir 
fluid found as an undersaturated oil, position B indicates reservoir fluid found 
as a gas condensate and position C indicates reservoir fluid found as a dry gas. 
Expansion in the liquid phase to the bubble point at constant temperature is 
similar to a pure component system. Expansion through the two-phase region 
does not occur at constant pressure, but is accompanied by a decrease in pres- 
sure as the composition of liquid and vapor changes. 
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Figure 0-3. Pressure-temperature diagram for reservoir fluids. 

Classiflcatlon of Hydrocarbon Fluids 

Hydrocarbon fluids usually are classified as to the phase behavior exhibited 
by the mixture. Figure 6-4 shows the pressure-temperature phase diagram of 
the four general classifications of fluids: dry gas, gas condensate, volatile oil 
and black oil. As it can be seen, the source temperature also plays a role in the 
determination of fluid type. According to MacDonald each type of fluid has 
composition as given in Table 6-2. Sometimes hydrocarbon mixtures are classified 
as follows: dry gas, wet gas, gas condensate and black oil (see Figure 64). 

In the case of dry gas, a light hydrocarbon mixture existing entirely in gas 
phase at reservoir conditions and a decline in reservoir pressure will not result 
in the formation of any reservoir liquid phase; it is a rather theoretical case. 
Usually gas reservoirs fall into the next group-wet gas. 

Gas condensate or retrograde gas system is the case when the critical tem- 
perature of system is such that reservoir temperature is between critical and 
cricondentherm as shown in Figure 64. If the pressure is reduced to the 
cricodenbar pressure, the liquid phase is increasing, but the liquid phase may 
reevaporate later on. This phenomena-the condensation of liquid upon decrease 
in pressure-is termed isothermal retrograde condensation. The liquid phase 
recovered from a condensate system is recovered from a phase that is vapor at 
reservoir conditions. This is also partly true of volatile oil systems where the 
vapor phase in equilibrium with the reservoir liquid phase is particularly rich 
in liquefiable constituents (C, to C$, and a substantial proportion of stock tank 
liquid may derive from a reservoir vapor phase. We normally do not expect to 



Properties of Hydrocarbon Mixtures 3-73 

Gas 

Temperature + 

04 

Black oil 
4 
2 z 
t n 
ul 

Temperature -t 

Figura 6-4. Hydrocarbon mixture classification. 
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Retrograde 
C o n d e n s a t e  

Table 6-2 
Tmical Comnosltions of Hydrocarbons Fluids Dl 

Volatile O i l  or Black A e a y  
Near C r i t i c a l  Oils 011 O i l  

-. 
Dry G a s  Wet Gas 

55 

30 

t5 

2000-3000 
(3000-6000)* 
360-540 

c, (mle C) 

c,-c, (lm31. 8 )  

G+ (=le%) 

GOR[f t ' /ab l ]  

I2NJ 
API Llquid 
G r a v i t y  

Llquid Specific 
RaViV 

30 

35 

35 

< 2000 

c 360 

90 

9 

1 

m 150000 

m > 27000 

70 

22 

8 

3000-150000 
(10000+)* 

540-27000 

40-60 45-70 

0.83-0.76 0.8-0.7 

see retrograde behavior at reservoir pressures below about 2,500 psi (17.2 MPa). 
Volatile oil systems are those within the two-phase region under reservoir 
conditions, the vapor phase corresponding to condensate compositions and 
conditions. Volatile oil is not an apt description because virtually all reservoir 
fluids are volatile. What is really meant is that the reservoir fluid exhibits the 
properties of an oil existing in the reservoir at a temperature near its critical 
temperature. These properties include a high shrinkage immediately below the 
bubble point. In extreme cases, this shrinkage can be as much as 45% of the 
hydrocarbon pore space within 10 psi (0.7 bar) below the bubble point. Near- 
critical oils have formation factor Bo of 2 or higher; the compositions are usually 
characterized by 12.5 to 20 mole % heptanes or more. 

Ordinary oils are characterized by GOR from 0 to approximately 200 ft3/bbl 
(360 m3/m3) and Bo less than 2. Oils with high viscosity (about 10 cp), high oil 
density and negligible gas/oil ratio are called heavy oils. At surface conditions 
may form tar sands. Oils with smaller than 10 cp viscosity are known as a black 
oil or a dissolved gas oil system; no anomalies are in phase behavior. There is 
no sharp dividing line between each group of reservoir hydrocarbon fluid; 
however, liquid volume percent versus pressure diagram (Figure 6-5) is very 
useful to understand the subject. 

The significant point to be made is that when an oil system exists in intimate 
contact with an associated gas cap, the bubble point pressure of the oil will be 
equal to the dew point pressure of the gas cap and both of those values will be 
equal to the static reservoir pressure at the gas-oil contact (Figure 6-6). 

Reservolr Condltions Phase Behavlor 

There is one phase flow in reservoir conditions if well flowing pressure Pwf 
is higher than bubble point pressure P, or dew point pressure Pb and two-phase 
flow occurs by a wellbore. Reservoir depletion and production consist of two 
separate processes: flash liberation (vaporization) and differential liberation. A 
schematic representation of flash vaporization is shown in Figure 6-7. At stage 1 
reservoir f h id  is under reservoir pressure and temperature at known volumes 
V,. The pressure in the cell is covered by increasing the space available in the 
cell for the fluid V,. This procedure is repeated until a large change in the 
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Temperature - 
Figure 6-6. Pressure-temperature diagram for gas cap and associated oil [SI. 
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Flgure 6-7. Schematic representation of laboratory P-V equilibrium (flash 
vaporization) 11 01. 
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pressure-volume slope is indicated. The above procedure indicates that flash 
vaporization is a phase-changing process due to change pressure and tem- 
perature if the mass of reservoir fluid or total composition system remains 
constant and can be expressed as follows: 

zF = XL + yV (6-15) 

where z = mole fraction of component in a reservoir fluid mixture 
F = number of moles of sample at initial reservoir pressure and temperature 
x = mole fraction of component in liquid (e.g., P5) 
L = number of moles of equilibrium liquid 
y = mole fraction component in gas mixture 
V = number of moles of equilibrium gas phase 

Equilibrium or flash liberation calculations .may be made for reservoir fluid 
that divides into two phases at any temperature and pressure. 

Schematic representation of differential liberation in laboratory conditions is 
shown in Figure 6-8. It begins in the same manner as flash vaporization. The 
sample is placed in a pressure higher than bubble point pressure. The pressure 
is lowered until such time that free gas is liberated in the cell. Then for pre  
determined pressure or volume increments, mercury is withdrawn from the cell, 
gas is released from solution and the cell is agitated until the liberated gas is 
in the equilibrium with the oil. All the free gas is ejected from the cell at a 

After Dirplocinq 
opitation gas at a 

constant 
pressure 

I All After 
90s agitation 

displaced 

Figure 6-8. Schematic representation of laboratory differential vaporization [lo]. 
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constant pressure by injection mercury. The volume of the free gas is displaced 
and the oil remaining in the cells are thus measured at cell conditions. This 
procedure is repeated for all the pressure increments until only oil remains in 
the cell at reservoir temperature and atmospheric pressure. 

In contrast to flash vaporization, differential vaporization is undertaken with the 
decreasing mass participating in the process. Equation 6-15 cannot be applied 
because F is not constant anymore at the given set pressure. and temperature. 

The question arises: Which process occurs in reservoir conditions? Some 
specialists, e.g., Moses [8], assume that the reservoir process is a combination 
of differential and flash. Such statements are incorrect. They produce misunder- 
standing and confusion. The following is meant to classify and straighten out 
this problem: 

1. In reservoir conditions, differential process always occurs. 
2. In production tubing and surface pipeline flow and in the separators the 

flash process takes place (subject to some limiting assumption). 

Flash process refers to the conditions where the mass of the considered system 
does not vary with changes in pressure and temperature. Hash process in two- 
phase regions (vaporization or condensation) can be defined in terms of total 
system composition. The total system composition (zi) can be measured at any 
point outside of saturation line, e.g., points A, B and C (Figure 6-3). As a 
substitution the following treatment can be used; the total system composition 
in two-phase region flash process remains constant. The flash process may ensue 
for a composition z, that separates into two phases for the values of pressures 
and temperatures inside the saturation curve area. After the temperature and 
pressure are chosen, all the gas is in equilibrium with all the oil. In other words, 
a change of pressure or temperature, or both, in a flash process can change 
the equilibrium conditions according to the Gibbs phase rule. This rule provides 
the number of independent variables that, in turn, define intensive properties. 
Flash vaporization may be a batch or a continuous process. Treating two-phase 
flow in tubing as a steady state, neglecting the gas storage effect, and gas 
slippage result in a flash process. In a horizontal flow, and in separators, a 
similar flash process comes about. 

The same kind of equilibrium, but with its fluid mass decreasing dmerentially, 
is called a differential process (liberation or condensation). 

In reservoir conditions the hydrocarbon pore volume (HCW) r e m a i n s  constant 
if the expansion of interstitial water and rock compressibility are neglected. For 
such constant HCW it must be made clear that differential process occurs always 
as diffkrential vaporization or differential condensation. Differential vaporization 
takes place when the reservoir temperature is less than critical temperature of 
solution (TmS < TJ, and also it takes place during retrograde gas reservoir 
depletion, but only in the region pressure and temperature where the retrograde 
liquid is vaporized. 

In differential condensation, the oil reservoir pressure is maintained constant 
or almost constant-for example, by gas injection. Differential condensation can 
also occur just below the dew point in a gas-condensate reservoir. 
Above the bubble point and the dew point curves, the virtual (apparent) value 

of vaporization and/or condensation is zero, but because the mass of the fluid 
in a depleted reservoir is changing as a result of decreasing pressure, the process 
could be assumed to be differential. One important statement has to be add& 
there is no qualitative difference between the reservoir fluid in either differential 
or flash process, if pressure and temperature fall into the area outside of the 
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saturation curve (Figure 6-3). A schematic representation of differential vaporiza- 
tion of oil in reservoir conditions is shown in Figure 6-9. As indicated in Figure 
6-9, six hypothetical cases are distinguished. Study Figure 6-9 simultaneously with 
Figures 6-3 and 6-10. 

Consider a first sample where there is a fixed mass of oil at given tem- 
perature, pressure and HCW. When the pressure P, drops to p,, the volume of 
oil increases but the HCPV does not change, so the difference in oil-removed 
volume equals the total oil production when the pressure changes from PA to 
P, (sample 2). 

The third sample is considered at the bubble point; the oil volume change 
between P, and Pb resembles that between P, and P,. Beginning at P, the first 
gas bubbles are released. Pressure P4 corresponds to the lowest value of GOR 
(Figure 6-10) and coincides with the highest pressure in a two-phase region, in 
which only one phase (oil) still flows. Pressure P, could be called a gas flow 
saturation fmsmm. Between P, and P, compositions xi, yi and zi are changed. HC 
mass in pore volume is decreasing, so it is the differential process that is 
contrary to Moses' belief that this is a flash process. 

At point 5, HCPV remains constant as in steps 1 to 4, the oil volume has 
changed and the system is into a two-phase region. An amount of released gas 
exceeds the gas flow saturation pressure F4; gas begins to run and is partially 
removed from the HCPV. This is haw a two-phase flow is generated. Sample 6 
characterizes the same process very close to the bottomhole area. The reservoir 
fluid mass &rence in steps 1 and 6 equals the total production from an HCW. 

In conclusion, it has been shown that the flash process occurs whenever we 
are dealing with a closed system or a steady-state flow, e.g. a two-phase flow in 
vertical tubing, in horizontal pipe flow and in separators. For any open system, 
such as a reservoir formation, m for an unsteady-state flow, the differential 
process is properly describing the quasiequilibrium conditions. 

P*= 

Figure 6-8. Schematic representation of differential vaporization in reservoir 
conditions. 
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Figure 6-10. Schematic representation reservoir pressure (P) and GOR vs. 
time and mass and composition in reservoir differential vaporization process. 

Sampllng Process and Laboratory Measurements 

The overall quality of the reservoir fluid study and the subsequent engineering 
calculations based upon that study can be no better than the quality of the fluid 
samples originally collected during the field sampling process. 

Samples representative of the original reservoir can be obtained only when the 
reservoir pressure i s  equal to or higher than the original bubble point or dew point. 

The pressure drawdown associated with normal production rates will cause 
two-phase flow near the wellbore if the fluid in the formation was initially 
saturated or only slightly undersaturated. Relative permeability effects may then 
cause the material entering the wellbore to be different from the original overall 
(total) composition fluid existing at the boundary of drainage area. The problem 
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of drawdown in a saturated reservoir cannot be eliminated; therefore, it is 
necessary to reduce the pressure drawdown by reducing the flowrate to the 
lowest possible stable rate while sampling. 

There are two basic methods of sample collection: subsurface (bottomhole) 
and surface (separator). The fluid sampling method to be used dictates the 
remainder of the conditioning process. If the bottomhole samples are to be 
collected, the period of reduced flowrate will generally last from one to four 
days, depending on the formation and fluid characteristics and the drainage 
area affected. After this reduced flowrate period, the well would be shut in and 
allowed to reach static pressure. The shut-in period would last about one day 
or up to a week or more depending on formation characteristics. For the case 
of the saturated reservoir, the shut-in period has the resultant effect of forcing 
gas into solution in the oil, thus raising the saturation pressure. In some cases, 
the desired value of P,, is obtained; however, in most cases this value is only 
approached and the final difference is a function of well productivity, production 
rate and fluid properties. At the conclusion of the shut-in period, the well would 
be properly conditioned and ready for bottomhole sampling. Subsurface sam- 
pling is generally not recommended for gas-condensate reservoirs; the same is 
true for oil reservoirs producing substantial quantities of water. If separator gas 
and liquid samples are to be collected, the gas and liquid rates must be 
monitored continually during the period of stable flow at reduced flowrates. A 
minimum test of 24 hr is recommended, but more time may be needed if the 
pressure drawdown at the formation has been high. Surface sampling, called 
sepamtm sampling has wider applications than subsurface sampling, and is the 
only recommended way of sampling a gas-condensate reservoir, but often can 
be used with good success for oil reservoin as well. There are three requirements 
to successful separator sampling: 

1. stable production at a low flowrate 
2. accurate measurement of gas and liquid flowrates 
3. collection of representative samples of first-stage gas and first-stage liquid 

The above procedure is described in detail in API Standard 811-08800 [9]. 
The reservoir process is stimulated in the laboratory by flash differential 

vaporization (Figures 6-7 and 6-8). Based on both figures, it is possible to 
prepare the reservoir f h id  data for engineering calculations. 

In the laboratory, the differential liberation consists of a series-usually 10 
to 15-of flash liberations. An infinite series of flash liberations is the equivalent 
of a true differential liberation. At each pressure level, gas is evolved and 
measured. The volume of oil remaining is also measured at each depletion 
pressure. This process is continued to atmospheric pressure. The oil remaining 
at atmospheric pressure is measured and converted to a volume at 60°F (15.6"C). 
This final volume is referred to as the residual oil. The volume of oil at each 
of the higher pressures is divided by the volume of residual oil at 60°F (15.6OC). 

Example 1 [ll] 

Surface separator samples were collected from a well on completion of a 
2-hr test on June 8, 1984. The gas/liquid ratio measured on this test was 4,565 ft3 
of separator gas per barrel of separator liquid and was used as the basis for 
t h i s  recombination. The resultant reservoir fluid exhibited a dew point of 4,420 
psia at T, = 285°F. The reservoir fluid exists as a gas (an undersaturated gas) 
at P,, = 12,990 psia. 
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A constant volume depletion study is also performed on the reservoir fluid. 
The produced compositions and volumes from the depletion study are used 
in conjunction with equilibrium constants to calculate cumulative STO and 
separator gas recoveries resulting from conventional field separation. Gas plant 
products in both the primary separator gas and the full well stresses should also 
be reported. 

Sampling b1dltlOn8 

Date sampled (on 20/64 choke) 
Tubing pressure, flowing 9,960 psis 
Primary separator temperature 95OF 

Primary separator gas rate (Table 6-3) 
Liquid rate (2nd stage 0 50 psig) 
GdQlfid ratio (GOR) 

060894 for 1,330 hr 

Primary separator pressure 9oo wig 
2,229.7 MCFlday 
396 bbllday 
5,631 SCF 1st stg. gadbbI50 Ib liq. 

Shrinkage factor 
(vol. 50 Ib iiq./vol. sep. liq.) 0.81 08 

Gashiquid ratio (GOR) 4,565 SCF 1st stg. g a l  900 Ib liq. 

Shrinkage factor 
(vol. S.T. liq./vol. sep. liq.) 
through 50-lb 2nd stage 0.7445 

Pressure base 15.025 Dsia 0 60°F 

Table 6-3 
Calculation of Gas Rate [11] 

~ 

= 165.6804 Hw = 30.0 "H20, Pf = 915.00 psla 
= 455.0300 D = 5.761 ' , d = 1.50 " Fb 

Fpb = 0.9804 15.025 psia 

Fr 
Y2 = 1.0002 HwlPf = 0.033, dR1 = 0.260 

= 1.1953 Gravity = 0.6999 , Fg = I/-- Fg 
Ftf = 0.9680 Temp. = 95 degrees F, Ftf = 4- 

= 1.0859 pTr' = 1.441 , pPr' = 1.372 FPV 

= 1.0002 b = 0.0367 

z = 0.8480 , FPV = @ 
Acid Gas Correction Factor Epsllon = 3.57 

Q = dHw ff x Fb x Fpb x Fr x Y2 x Fg x Ftf x Fpv x 24 

Q = 2229.7 MCF/day 0 15.025 PSlA 0 60 Degrees F 
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The samples of separator gas and separator liquid were analyzed and the 
results are reported in Table 6-4, sharing both composition of each sample and 
the computed analysis of the well stream based on the GOR in the primary 
separator. The separator liquid (oil) production was calculated from the measured 
second-stage production by applying the determined shrinkage factor. 

Table 6-4 
Hydrocarbon Analysis of Separator Products 

and Calculated Wellstream [ll] 

Separator 
Liquid Separator Gas Well Stream 

Llq. GPM 8 GPM 8 
Component Mol % Vol. % Mol % 15.025 PSlA Mol % 15.025 PSlA 

Carbon Dioxide 
Nitrogen 
Methane 
Ethane 
Propane 
Iso-Butane 
N-Butane 
Iso-Pentane 
N-Pentane 
Hexanes 
Heptanes Plus 

Total 

0.41 
0.00 

22.36 
8.54 

10.28 
5.69 
5.11 
4.84 
2.01 
8.16 

32.60 

100.00 

0.19 
0.00 

10.16 
6.12 
7.58 
4.99 
4.32 
4.75 
1.95 
8.75 

51.19 

100.00 

2.18 
0.16 

82.91 
8.22 
3.82 
1.11 
0.80 
0.30 
0.17 
0.22 
0.11 

100.00 

2.243 
1.073 
0.372 
0.256 
0.1 13 
0.064 
0.091 
0.053 

1.84 
0.13 

71.30 
8.28 
5.06 
1.99 
1.63 
1.17 
0.52 
1.74 
6.34 

2.259 
1.421 
0.664 
0.523 
0.437 
0.193 
0.731 
3.907 

4.265 100.00 10.135 

Calculated Specific Gravity (Air = 1.00) = 0.6999 Separator Gas 1.0853 Well Stream 

Sep. Gas Heat of Combustion (BTU/Cu.Ft. 8 15.025 PSlA & 
60 Degrees F) Dry 
Sep. Gas Heat of Combustion (BTU/Cu.Ft. 8 15.025 PSlA & 
60 Degrees F) Wet 

Sep. Gas Compressibility (8 1 ATM. & 60 Degrees F) 

= 1206.8 Real 

= 1185.7 Water Sat. 

Z = 0.9968 

Properties of Heptanes Plus: Propertles of Separator Llquid: 

Specific Gravity = 0.7976 0.6562 63 60160 Degrees F 
Molecular Weight = 152 78.7 
Cu. Ft ./Gal. = 16.24 25.81 63 15.025 PSlA & 60 Degrees F 

Propertles of Stock Tank Liquid: 

Gravity = 56.8 Degrees API 63 60°F 

Basis of Recomblnatlon: 

Separator Liquid Per MMSCF Separator Gas = 219.05 BBLS. 
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Equllibrlum Cell Determlnations. Following the compositional analyses, portions 
of the primary separator liquid and gas were physically recombined in their 
produced ratio in a variable volume, glass-windowed equilibrium cell. Deter- 
minations on this mixture were divided into the following two main categories. 

1. Dew point pressure determination and pressure-volume relations on a 
constant weight of reservoir fluid at the reservoir temperature: the pro- 
cedure consisted of establishing equilibrium between gas and liquid phases 
at a low pressure and measuring volumes of liquid and gas in equilibrium 
at that pressure. The pressure was raised by the injection of mercury into 
the cell and phase equilibrium established again at the higher pressure. 
This procedure was repeated until all of the liquid phase had vaporized, 
at which point the saturation pressure was observed. The cell pressure was 
then raised above the dew point pressure in order to determine the 
supercompressibility characteristics of the single-phase vapor. As a check 
on all readings and, particularly, to verify the dew point, the cell pressure 
was incrementally reduced, equilibrium established and volumetric readings 
made. Reported in Table 6 5  are the relative volume relations (Figure 6-11) 
and specific volumes of the reservoir fluid over a wide range of pressures 
as well as compressibility factors (Figure 6-12), the single-phase vapor above 
the dew point. Reported in Table 6-6 are the dew point pressures (Figure 
6-13) resulting from recombinations at gas/liquid ratios above and below 
the ratio measured at the time of sampling. 

2. Compositions of the produced wellstream and the amount of retrograde 
condensation resulting from a stepwise differential depletion: This pro- 
cedure consisted of a series of constant composition expansions and 
constant pressure displacements with each displacement being terminated 

Table 6-5 
Pressure-Volume Relation of Reservoir Fluld at 285OF [ll] 

Relative Specific Calculated 
Pressure Volume Volume Retrograde Liquid Devlation Vlscosity 
(PSIA) (VNsat) (Cu.RJUI.) BPMMCF* Vol. %* Factor (2) (Centipoise) 

*"12920 Res. 0.6713 0.03635 1.8485 0.0793 
lo000 0.7201 0;03898 1.5346 0.0674 
8000 0.7741 0.04191 1.31 97 0.0579 
6000 0.8639 0.04677 1.1047 0.0471 
5000 0.9373 0.05075 0.9988 0.041 2 
4420 D.P. 1.0000 0.05414 0.00 0.00 0.9420 0.0374 

4000 1.0677 0.05781 10.58 1.30 0.9102 
3500 1.1764 0.06369 69.83 8.55 0.8775 
3000 1.3412 0.07261 94.17 11.53 0.8575 
2500 1.5879 0.08597 107.92 13.21 0.8460 
2000 1.9831 0.10737 114.27 19.99 0.8453 
1500 2.6605 0.14404 114.27 13.99 0.8505 
1000 4.0454 0.21902 107.92 13.21 0.8621 

(Two Phase) 

'BBLS. per MMSCF of Dew Point Fluid. 
"'Percent of Hydrocarbon Pore Space at Dew Point. 

***Extrapolated. 
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Flgure 6-11. Pressurevolume relation of reservoir fluid at 285°F (constant 
mass expansion) Ill]. 

at the original cell volume. The gas removed during the constant pressure 
displacement was analyzed. The determined compositions (Figure 6-14), 
computed GPM content (Figure 6-15), respective compressibility (deviation) 
factors and volume of wellstream produced during depletion (Figure 6-16) 
are presented in Table 67. The volume of retrograde liquid resulting from 
the gas depletion is shown in Table 6-8 (and Figure 6-17), both in terms 
of barrels of reservoir liquid and percent of hydrocarbon pore space. Shown 
in Table 6-7 are the compositions of the gas and liquid remaining in the 
reservoir after depletion to abandonment pressure. 

Equilibrium Flash Calculations. The produced compositions and volumes from 
a depletion study were used in conjunction with equilibrium constants K (derived 
from a Wilson modified R-K equation of state) to calculate cummulative stock 
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PRE88URE. P8lA 

Figure 6-1 2. Compressibility factor "2" of wellstream during depletion at 
285°F [ll]. 

Table 6-6 
Observed Saturation Pressures From Stepwise 

Recombination at 285OF 

Gas-Llquld Ratio 
(SCF 1st Stg. Ga8) 

(BBL. lrt Stg. Lh.) (Psia) 
Saturation Pressure 

9000 6000 Dew Point 
4565 (Produced) 4420 Dew Point 
2500 3830 Dew Point 



QAS-LMWD RATIO. SGP~BBL. SEP. Lia. 

Figure 6-13. Effect of gadliquid ratio upon saturation pressure at 285°F [ll].  

tank liquid and separator gas recoveries resulting from conventional separation. 
These data are reported in Table 6-9 and Figure 6-18. Also, gas plant products 
in both the primary separator gas and the full wellstream are attached. 

Example 2 [8] 

This is a black oil problem. From differential vaporization (Table 6-11) and 
separator test date (Table 6-12) discuss the Bo and R, calculation method. 

Figures 6-19 and 620 illustrate laboratory data. These data are reported in a 
convention other than in Example 6.1. The residual oil in the reservoir is never 
at 60°F (15.6"C), but always at Tms. Reporting these data relative to the residual 
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Flgure 6-14. Hydrocarbon composite of wellstreams produced during 
pressure depletion Ill]. 

oil at 60°F (15.6OC) gives the relative-oil-volume curve the appearance of an FVF 
curve, leading to its misuse in reservoir calculations. A better method of 
reporting these data is in the form of a shrinkage curve. We may convert the 
relative-oil-volume data in Figure 619 and Table 611 to a shrinkage curve by 
dividing each relative oil volume factor B, by the relative oil volume factor at 
the bubblepoint, Bd. 

The shrinkage curve now has a value of 1 at the bubblepoint and a value of 
less than 1 at subsequent pressures below the bubblepoint, as in Figure 621. 
As pressure is reduced and gas is liberated? the oil shrinks. The shrinkage curve 
describes the volume of this original barrel of oil in the reservoir as pressure 
declines. It does not relate to a stock-tank barrel or surface barrel. 

We now know the behavior of the oil in the reservoir as pressure declines. 
We must have a way of bringing this oil to the surface through separators and 
into a stock tank. This process is a flash process. Most reservoir fluid studies 
include one or more separator tests to stimulate this flash process. Table 6-12 
is a typical example of a set of separator tests. During this test, the FVF is 
measured. The FVF is the volume of oil and dissolved gas entering a wellbore 
at reservoir pressure and temperature divided by the resulting stock-tank oil 
volume after it passes through a separator. 

The FVF is Bo; because separators result in a flash separation, we showed a 
subscript? B, In most fluid studies, these separator tests are measured only on 
the original oil at the bubble point, The FVF at the bubble point is B,. To 
make solution~asdrive or other material-balance calculations, we need values 
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PRESSURE, W I A  

Figure 6-15. GPM content of hydrocarbons produced during depletion at 
285°F [ll]. 
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Figure 6-1 6. Volume of wellstream produced during depletion [ll]. 

of B, at lower reservoir pressures. From a technical standpoint, the ideal method 
for obtaining these data is to place a large sample of reservoir oil in a cell, heat 
it to reservoir temperature and pressure-deplete it with a differential process to 
stimulate reservoir depletion. At some pressure a few hundred psi below the 
bubble point, a portion of the oil is removed from the cell and pumped through 
a separator to obtain the flash FVF, B, at the lower reservoir pressure. This 
should be repeated at several progressively lower reservoir pressures until a 
complete curve of B, versus reservoir pressure has been obtained. The process 
is time consuming and consequently adds to the cost of a study. Most studies 
include only values of Bo, the FVF at the bubble point. The values of Bd at 
lower pressures must be obtained by other means. 

The method calls for multiplying the flash FVF at the bubble point B,, by 
the shrinkage factors at various reservoir pressures obtained earlier. The 
shrinkage factor was calculated by dividing the relative oil volume factors Bod 
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PRESSURE, PSlA 

Flgure 6-17. Retrograde condensation during depletion at 285'F 1111. 

by the relative oil volume factor at the bubble point B,. If we combine both 
calculations, we can start with the differential-relative-volume curve and adjust 
it to separator or flash conditions by 

B Bo = B , a  
Bo&. (6-16) 

(tat continuad on pap 394) 



Table 6-7 
Depletion Study at 285OF [Ill 

Reservolr Pressure-PSIA 

Aband. 
Fluld Llquld 

Component 4420 4060 3250 2500 1 750 1000 1000 

Dew Polnt 

Nitrogen 0.13 0.13 0.14 0.15 0.14 0.13 0.04 
Carbon Dioxide 1.84 1.87 1.90 1.92 1.94 1.93 0.67 
Methane 71 -30 73.09 74.76 75.69 76.09 74.71 16.61 
Ethane 8.28 8.18 8.14 8.12 8.15 9.05 4.78 
Propane 5.06 5.01 4.97 4.94 4.93 5.29 4.60 
Iso-Butane 1.99 1.93 1 .89 1.87 1.89 2.02 2.66 
N-Butane 1.63 1.59 1.56 1.55 1 .!%I 1.61 2.37 
Iso-Pentane 1.17 1.12 1.09 1.08 1.06 1.10 2.37 
N-Pentane 0.52 0.48 0.47 0.46 0.47 0.48 1.17 
Hexanes 1.74 1.59 1.51 1 . 4  1.40 1.43 5.96 
Heptanes Plus 6.34 5.01 3.57 2.79 2.39 2.25 58.77 

Totals 100.00 100.00 ioo.00 100.00 100.00 100.00 100.00 

Well Stream 
Gravity (Air = 1) 1.0853 1 . O M  0.9251 0.8823 0.8595 0.8606 



Properties of Heptanes Plus 

Specific Gravity 
Molecular Weight 

0.7976 0.7900 0.7776 0.7652 0.7523 0.7381 0.8181 
152 145 136 128 120 112 171 

GPM Content of Produced Well Stream (GalJMSCFI 

Propane 
Iso-Butane 
N-Butane 
Iso-Pentane 
N-Pentane 
Hexanes 
Heptanes Plus 

1.421 1.407 1.396 1.387 1.384 .1.485 
0.664 0.644 0.631 0.624 0.631 0.674 
0.524 0.511 0.502 0.498 0.495 0.518 
0.437 0.418 0.407 0.396 0.396 0.411 
0.192 0.177 0.174 0.170 0.177 0.177 
0.730 0.667 0.633 0.608 0.587 0.600 
3.904 2.992 2.018 1.508 1.232 1.103 

Totals 7.872 6.816 5.761 5.191 4.902 4.968 

Deviation Factor 'Z' of 
Well Stream Produced 0.942 0.910 0.876 0.867 0.882 0.911 

w 
X 

Well Stream Produced 4 
Cumulated Percent 0.00 5.98 20.01 36.71 54.73 72.95 a 

5 
8 

Calculated Viscosity of 
Well Stream Produced (CP) 0.0374 0.031 7 0.0251 0.0206 0.0174 0.01 52 

-4 
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Table 6-8 
Retrograde Condensation During Gas 

Depletion at 285OF [ll] 

Pressure 
(PSIA) 

Reservoir Liquid 

(BBLJMMSCF d (Volume' 
Dew Point Fluid) Percent) 

4420 D.P. 0 285°F 0.00 0.00 
4000 10.58 1.30 
3250 81.47 9.98 
2500 101.57 12.46 
1750 103.69 12.70 
1 000 97.34 11.92 

*Percent of Reservoir Hydrocarbon Pore Space QD Dew Point. 

(text continued j h m  page 391) 

This calculation is illustrated in Figure 622. 
To perform material-balance calculations, we must also have the separator and 

stock-tank gas in solution as a function of reservoir pressure. These values are 
expressed as standard cubic feet per barrel and usually are designated R,r The 
separator test gives us this value at the bubble point, Rdb' As pressure declines 
in the reservoir, gas is evolved from solution. The amount of gas remaining in 
solution in the oil is then somewhat less. The differential vaporization tells us 
how much gas was evolved from the oil in the reservoir: (Rd - R,), where Rdb 
is the amount of gas in solution at the bubble point as measured by differential 
vaporization at the reservoir temperature and R, is the gas in solution at 
subsequent pressures. 

The units of R and Rd are standard cubic feet per barrel of residual oil. 
Because we must gave the gas in solution in terms of standard cubic feet per 
barrel of stock-tank oil, this term must be converted to a stock-tank basis. If we 
divide (R,db - R,) by B,,, we have the gas evolved in terms of standard cubic 
feet per barrel of bubble point oil. If we then multiply by B,, we will have the 
gas evolved in terms of standard cubic feet per barrel of stock-tank oil. This 
expression now is (R - Rd)(Bom/Bodb) The gas remaining in solution then is 
R, = R, - (Rdb - R,TBd/Bd) standard cubic feet per stock-tank barrel. For 
every pressure studied during the differential liberation, R, may be calculated 
from this equation. This calculation is illustrated in Figure 6-23. 

It is a fairly common practice to use differential vaporization data for material- 
balance calculations. Values of B, and R, are almost always higher than the 
corresponding values from separator tests; consequently, calculations of OIP and 
recoverable oil will usually be lower than is correct. The differential vaporization 
data should be converted to separator flash conditions before use in calculations. 

Vapor-Liquid Equilibrium Calculations 

The basic equilibrium calculations are the bubble point, dew point and flash 
(or two-phase equilibrium). In the general flash calculation, the temperature 
and pressure are usually fixed and L/f is the dependent variable. All equilibrium 
calculations are based on the definition of the K value, such that 

(tat continusd on pogs 400) 



Table 6-9 
Calculated Cumulative Recovery During Depletion [ll] 

Reservoir Pressur-PSIA 

Dew Point 
Cumulative Recovery Per Initial Pressure 
MMSCF of Original Fluid in Place 4420 4000 3250 2500 1750 1000 

Well Stream-MSCF 1000.00 0. 59.80 200.1 0 367.10 547.30 729.50 

Noma1 Temperature Separation' 
Stock Tank Liquii+Barrels 

Cumulative Produced. 
Remaining in Vapor in Res. 
Remaining in Liquid in Res. 
Primary Sep. Gas-MSCF 
Second Stage Gas-MSCF 
Stock Tank Gas-MSCF 

Total "Plant Products" in 
Primary Separator Gas-Gallons** 

Propane Plus 
Butanes Plus 
Pentanes Plus 

0. 
131.31 

0. 
794.65 
82.58 
14.75 

1822.09 
81 1.70 
250.79 

0. 
131.31 

0. 
0. 
0. 
0. 

0. 
0. 
0. 

7.06 
97.16 
27.10 
48.49 
4.59 
0.83 

111.98 
50.35 
15.72 

19.79 
55.34 
56.18 

166.85 
13.72 
2.56 

392.31 
179.85 
57.75 

30.80 
34.07 
66.44 

31 2.88 
22.59 
4.31 

754.17 
353.88 
11 7.78 

41.53 
20.89 
68.90 

473.15 
31.22 
6.06 

1161.68 
554.50 
189.38 

50.84 
11.77 
68.70 

635.04 
40.51 
7.95 

f 
2. 
6 
% 

1587.72 3 
764.40 a 
265.12 2 

bi 
3 Total "Plant Products" in 0 
D Well Stream-Gallons 

Propane Plus 7872.05 0. 439.19 1321.39 2235.80 3144.93 4043.82 
Butanes Plus 6451.15 0. 354.64 1040.24 1722.29 2381.70 3019.14 
Pentanes Plus 5263.11 0. 284.57 809.73 1303.52 1760.39 2186.72 

6 
"Primary Separator at 915 PSlA and 95 Degrees F., Second Stage Separator 0 65 PSlA and 70 Degrees F, Stock Tank at 15 PSlA and 75 Degrees F. 

**Recover Assumes 100 Percent Plant Efficiency. 
All Gas Volumes Calculated at 15.025 PSlA and 60 Degrees F and Stock Tank Liquid Measured at 60 Degrees F. W 

CB vr 
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PREUOURE. PSU 

Figure 6-18. Stock-tank liquid production and retrograde condensation during 
constant volume production at 285°F [ll]. 

Table 6-10 
Calculated Wellstream Yields" [ll] 

Pressure, PSlA 4420 D.P. 4000 3250 2500 1750 1000 

Gas-Liq. Ratio*" 

SCF 1st. Stg. Gas 
BBL. S.T. Liq. 6,052 7,899 11,194 14,617 16,842 17,951 

BBLS. S.T. Liq. 
MMSCF 1st Stg. Gas 165.23 126.60 89.33 68.41 59.38 55.71 

BBLS. S.T. Liq. 
MMSCF Well Stream Fld. 131.31 104.70 76.86 61.50 52.86 49.40 

"Primary Separator at 915 PSlA and 95 Degrees F., Second Stage Separator at 65 PSlA and 

**All Gas Volumes Calculated at 15.205 PSlA and 60 Degrees F and Stock Tank Liquid Measured 
70 Degrees F, Stock Tank at 15 PSlA and 70 Degrees F. 

at 80 Degrees F. 



Table 6-11 
Dlfferentlal Vaporization at 22OOF [66] 

Solution Relative Reiatlve Oil Deviation Gas Formation incremental 
Pressure Gad011 Oil Total Denslty Factor Volume Gas 
PSI0 Ratlo(1) Vdume(2) Volunle(3) gmlcc z Factor(4) Gravity 

2620 
Rd 
854 

Bod 
1.600 1.600 0.6562 

0.825 2350 763 1.554 1.665 0.6655 0.846 
2100 684 1.515 1.748 0.6731 0.851 0.00771 0.818 
1850 61 2 1.479 1 .859 0.6808 0.859 0.00882 0.797 
1600 544 1.445 2.016 0.6889 0.872 0.01034 0.791 

1100 41 6 1.382 2.593 0.7044 0.903 0.01552 0.809 .d 
4 

850 354 1.351 3.169 0.7121 0.922 0.02042 0.831 c. 
600 292 1.320 4.254 0.7198 0.941 0.02931 0.881 8 
350 223 1.283 6.975 0.7291 0.965 0.05065 0.988 

X 159 157 1.244 14.693 0.7382 0.984 0.10834 1.213 
0 0 1.075 0.7892 2.039 -4 

Gravity of residual oil = 35.l"API B) 60°F. 

(1) Cublc feet of gas at 14.65 psia and 6OoF. per barrel of residual oil at 60°F. 
(2) Barrels of oil at Indicated pressure and temperature per barrel of residual oil at 60°F. 
(3) Barrels of oil plus liberated gas at indicated pressure and temperature per barrel of residual oil at 60°F. 
(4) Cubic feet of gas at indicated pressure and temperature per cubic foot at 14.65 psia and 60°F. 

0.00685 

1350 479 1.412 2.244 0.6969 0.887 0.01245 0.794 T 

0 
", 

0 60°F. = 1.000 E1. 

5 
F z 
8 
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Table 6-12 
Separator Test [8] 

Separator Stock-Tan k 
Pressure Temperature Oil Gravity 
( P W  ( O F )  GOR, R,,,,* (OAPI et 609) FVF, Bh** 

50 75 737 
to 0 75 41 40.5 1.481 

778 

100 75 676 
to 0 75 92 40.7 1.474 

768 

200 75 602 
to 0 75 178 40.4 1.483 

780 

300 75 549 
to 0 75 246 40.1 1.495 

795 

'GOR in cubic feet of gas at 14.65 psia and 60°F per barrel of stock-tank oil at 6OoF. 
""FVF is barrels of saturated oil at 2,620 psig and 220°F per barrel of stock-tank oil at 60°F. 

Pnaum: PSIQ 

Figure 6-19. Adjustment of oil relative volume curve to separator conditions [6]. 
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~ : p s l o  

Figure 6-20. Adjustment of gas in solution curve to separator conditions [SI. 

Pressure: PSI0 
Figure 6-21. Oil-shrinkage curve [8]. 
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P r e ~ ~ r e :  PSI0 

Figure 6-22. Adjustment of oil relative volume curve to separator conditions [SI. 

(text continued fim page 394) 

yi - concentration of 'I i" component in vapor phase 
xi concentration of 'I i" component in liquid phase (6-16) Ki = - -  

In bubble point calculations, x, is knows and either T or P is fiued. The vapor 
phase composition (yi) and P or T of the system are unknown. 

Yi = Qi (6-17) 

Several different values of the dependent variable are assumed. The correct value 
is the one that yields 

$Kixi  = e y i  = 1.0 
i=l i = l  

(6-18) 

An additional requirement when using composition dependent K values is 

Iy:+' - y r  I I E, i = 1 ton (6-19) 
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Figure 6-23. Adjustment of gas in solutions curve to separator conditions [6]. 

where the value of E is arbitrarily small (lo4 to lo4), This requirement is a 
consequence of using composition dependent K values. If the composition yi is 
not correct, the predicted I$ values will not be correct. As a result, the com- 
position of the vapor phase must be stabilized even though the correct value 
of the dependent variable has been determined. Iterations through the bubble 
point calculation must be continued until both Equations 6-18 and 6-19 are 
satisfied. A logical diagram illustrating the basic bubble point calculation is 
shown in Figure 6-24. 

How can we assume initial vapor phase composition? One approach that has 
been successful is to assume that the mole fraction of the lowest boiling 
component in the systems is equal to unity with the remaining component mole 
fractions set to Another approach is to get the K value from GPSA [2]. 
The vapor composition is adjusted after each interaction. 

Dew point calculations are the opposite of bubble point calculations: yi is 
known and xi and T or P are to be calculated. The specific equation used in 
the dew point calculations is 
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Enter wlth x 0, P 

Assume vapor 
phase mposltlon 

Calculate K values 
at T, P, X I .  y I  ’ 

and f y ,  

( ) lnitlal assumptkm of 
dependent verleble 

Adjust dependent EXi i tWi thY, ,  
vdable P, and T 

phase comp- 

Figure 6-24. Block diagram for bubble point calculations. 

As in the bubble point calculation, several different values of the dependent 
variable are assumed 

subject to the condition that 

I X Y + ’ - ~ Y ~ ~ ; E ,  i = l t o n  

(6-21) 

(6-22) 

A logical diagram for dew point calculation sequence is shown in Figure 625. 
In this case 3 is initially &own and must be assumed. A procedure is to 
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Adjust dependent 
varlable 

( ) initial assumption of 
dependent variable 

or T, (PI 

Exit wlth xI , 
P. and T 

Assume IlquM 
phase composition 

Adjust dependent 
varlable 

I Calculate XI 
and Ex, I 

Exit wlth xI , 
P. and T 

f 
Adjust llquld 

phase composltbn 

Figure 6-25. Block diagram for dew point calculations. 

assume that the mole fraction of the highest boiling component in the system 
is equal to unity. The remaining component mole fractions are set to lo4. Liquid 
phase compositions are adjusted by linear combinations of the assumed and 
calculated value during each iteration. The convergence algorithms for (T) and 
(P) dependent calculations are given in Figures 6-26 and 6-27. 

The purpose of flash calculations is to predict the composition and amount 
of the coexisting vapor and liquid phases at a fixed temperature and pressure. 

According to Equations 6-15 and 6-16 

(6-23a) 
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Tmr, xm' 

Figure 6-26. Temperature adjustment diagram for equilibrium calculations. 

or 

rn (5) = 1 . 0  (6-23b) 

This equation is applicable to a wide of L/F conditions. 
In the basic flash calculation, T, P and the overall composition (zi) are fixed. 

The unknown variables are xi, yi and L/F. A convergence algorithm that can 
be used with Equation 623 is 

(6240) 
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p1 ,," 1 c allowable change 

p'= In p" f allowable change 

save ~n P"xma.s 
In P"', xm' 

Flgure 6-27. Pressure adjustment diagram for equilibrium calculations. 

where 

~ ~ ( 1 -  Ki)* '(kT = -& wF(1-  K i ) +  Kf (6-243) 

This convergence algorithm is very reliable provided the values of (L/F)"+' are 
constrained to be valid by material balance considerations: 

0.0 < (L/F)"+' 1. 1.0 (6-25) 

The classical bubble point/dew point checks 

C K , z i  > 1.0  and Z z i / K i  > 1.0 (6-26) 
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(to assure that the mixture is in two-phase region) cannot be conveniently used 
in most computer equation-of-state-based flash calculations because the K values 
for a given system are not known until the final solution has been reached. 
Consequently, the flash calculation (and it convergence algorithm) must be 
capable of performing "flash calculation" on single phase systems (subcooled 
liquids, superheated vapors and dense gas systems) as well as reliably predicting 
the amount of vapor and liquid present in a two-phase system. When the above 
flash equation/convergence algorithm is used on single phase systems, the final 
predicted value of L/F will usually be outside the interval described by Equa- 
tion 6-25 unless the material balance constraint is enforced. Should a value of 
(L/F)"+' outside the limits defined by Equation 6-25 be detected in an inter- 
action, we recommend that the value of L/F predicted by Equation 6-24a be 
replaced by the appropriate value described by the following equations: 

if (L/F),+' < 0.0, (l/F)"+l = (l/F)"/2.0 

or 

if (L/F)"*l 1.0, (L/F)'"+l = [l + (L/F)"I/2.0 

This procedure eliminates most of the problems associated with flash calcula- 
tions in single-phase regions and yields excellent results in relatively few 
iterations inside the two-phase region. Some problems still occur when attempt- 
ing flash calculations in the dense gas regions. 

Initial estimates of the phase composition must be made to initiate the flash 
calculation. Several procedures are available. It was found that a combination 
of the bubble point/dew point initial phase estimation procedures works quite 
well [12]. Set the vapor phase mole fraction of the highest component in the 
system to 1.0 and the liquid phase mole fraction of the heaviest component in 
the system at 1.0. All other mole fractions are set to loa. This procedure is 
believed to be superior to the technique of basing the initial assumption of the 
phase composition on some noncomposition dependent K value estimation 
procedure, particularly when a wide range of temperatures, pressures, component 
types, composition ranges, etc., is to be considered. 

The estimated vapor and liquid phase compositions must be compared with 
the calculated phase compositions. Equations 6-19 and 6-23 describe this 
checking procedure. If the restraints described by these equations for any 
component (in either phase) are not satisfied, the calculations must be repeated 
even though an acceptable value for L/F has been determined. Some feel that 
this detailed checking procedure is unnecessary. It probably is unnecessary for 
most problems involving moderate temperature-pressure-composition conditions. 
However, at extreme conditions of temperature, pressure and composition (low- 
temperatures, high-pressure, high-acid-gas compositions) failure to perform these 
composition checks will lead to results that are completely incorrect (poor 
estimates of the phase compositions and incorrect L/F ratios). Unfortunately, 
the boundary changes in temperature, pressure of composition can completely 
alter the difficulty of a given problem. Consequently, carehl application of these 
checks in all calculations is strongly recommended since one can never be sure 
that a particular problem will not fall into the area of extreme conditions. 

A logic diagram illustrating the basic flash calculation is shown in Figure 6-28. 
All the necessary features described earlier are embodied in this diagram. 

Flash calculations at fixed L/F and temperature or pressure are frequently 
necessary. In these calculations, the dependent variable becomes pressure or 
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Calculate K Values 

1 

I Adjust assumed I vapor I liquld composltion 

Figure 6-28. Block diagram for two-phase equilibrium calculations. 

temperature and the flash calculation becomes similar in principle to a bubble 
point or dew point calculation. The flash calculation equation described earlier, 
Equation 6-23, can be coupled with the temperature or pressure adjusting 
algorithms described forth bubble point/dew point calculations to perform these 
calculations. Initial estimates of the vapor or liquid phase compositions must 
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be made and the approach described in the flash at fixed temperature-pressure 
conditions can be used quite effectively. The logic diagram for this type of cal- 
culation can be deduced from earlier diagrams. 

Predlcting the Properties of Hexane Plus (CJ Fractions 

Physical properties light hydrocarbons are given in Table 61. In naturally 
occurring gas and oil C6+ is unknown and makes a problem. Since the C, is a 
combination of paraffins (P), naphthenes (N) and aromatics (A) of varying 
molecular mass (M), these fractions must be defined or characterized in some 
way. Changing the characterization of C, fractions present in even small 
amounts (at 1.0% mole level) can have a significant effect on the predicted phase 
behavior of a hydrocarbon system. The dew point of the gas is heavily dependent 
upon the heaviest components in the mixture. 

The SRK (Equation 9-11) and PR (Equation 9-13) require the smallest number 
of parameters of any of the equations of state. They require the critical 
temperature, the critical pressure and the acentric factor. There are many 
different approaches that can be utilized to predict these parameters for C, 
fractions or other mixtures of undefined components. 

Some minimum of information must be available on the C, fraction, usually 
it is specific gravity (S) average boiling point (T,,) and molecular mass (M) of 
the fraction. 

The following equation is used [14] to estimate the molecular mass (M) of 
petroleum fractions 

M = 2.0438 X lo2 exp(0.00218T)exp(-3.07S)To~11sS1~" (6-27) 

where T = mean average boiling point of petroleum fraction, OR (from ASTM 
D86 test, see Figure 6-29) 

S = specific gravity, 60°F/600F 

The following equation is to be used to calculate the initial temperature (TJ 
of pure hydrocarbons; it is applicable for all families of hydrocarbons: 

log T, = A + B log S + C log Tb (6-28) 

T, (OR); T, and S given; A, B and C as below: 

Type Compound A B C 

Paraffln 
Napthene 
Olefin 
Acetylene 
Diolefin 
Aromatic 

1.47115 0.43684 0.56224 
0.70612 4.071 65 0.81196 
1.18325 0.27749 0.65563 
0.79782 0.30381 0.79987 
0.14890 4.39618 0.99481 
1.14144 0.22732 0.66929 

For petroleum fractions, physical properties can be predicted more accurately 
if the fraction of paraffins (P), naphthenes (N) and aromatics (A) are known. 
If 8 is a physical property to be predicted and the molecular type fractions are 
known, a pseudocompound, i.e., a compound having the same boiling point and 
specific gravity as the fraction, for each molecular type can be defined. These 
properties can be combined by 
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Correlation constants are given in Table 6-13. 
Next, correlation of critical properties and acentric factor (0) of hydrocarbons 

and derivatives is developed in terms of M, Tb and S. Since molecular mass is 
readily determined by experiments, it is introduced as a correlating variable to 
obtain more general results. The specific gravity is the ratio of the density of 
the liquid at 20°C to that of water at 4°C. 

The critical properties and acentric factor of C, to C,, n-alkanes are correlated 
with M by the following equation: 

e, = C, + C,M + C,W + C4M3 + C,/M (6-31) 

where e, represents T,, L,P,, V, or COT, of a n-alkane. The coefficients C, to C, 
are reported in Table 6-14 for each property. It was additionally correlated S 
and Tb of the n-alkanes by Equation 6-31 and the coefficients are included in 
Table 6-14. The correlated SA and ThA of the n-alkanes will be required in the 
perturbation equations to follow as independent variables. 

The average absolute deviations (AAD) of the correlations from the American 
Petroleum Institute project 44 table values are 0.15% for T ,  1.0% for p, 
(excluding methane), 0.8% for V,, 1.2% for 0, 0.11% for T, and 0.07% for S. 
The specific gravity correlation applies only to C5-C16, which are the only n-alkanes 
that are liquids at 20°C. 

Properties of the general hydrocarbons and derivatives are correlated as 
perturbations of those of n-alk&es according to the equation 

e = e, + A,AS + A,AT, + 4 (AS)* + A~ (AS)(AT,) + A,(AT,), 

+ %(AS)3 + A,(AS)*(ATb) + A,,(AS)(AT,), + A.$ATb)3 

with 

AS = S - SA 

ATb = Tb - TbA 

Table 6-13 
Correlatlon Constants for Ec 

B 

H (Molecular mass) 

T, (Cri t ical  Temperature OR) 

P,  (Cri t ical  Pressure, psie) 

Vem (Holar c r i t i c a l  volume 

V, (Cri t ical  Volume f t a / l b )  

V (Llquid molar volume a t  20% 
and 1 atm ( d / g  mole) 

f ta/  l b  mole) 

p (Liquid densi ty  g/cc) 

a 

4.5673*10-' 

24.2787 

3 .12281*109 

7.0434*10-' 

7.52l4*1OJ 

7.6211*l(rc 

0.982554 

iatlon 6-30 
b 

2.1962 

0.58848 

-2.3125 

2.3829 

0.2896 

2.1262 

0.002016 

C 

-1.0164 

0.3296 

2.3201 

-1.683 

-0.7666 

-1.8688 

1.0055 

(6-324 

(6-323) 

(6-32~) 

1 



Table 6-14 
Coettlclents for 8, in Equation 6-31 

-2.27789 x 1 6  7 
0 

T, 2.72697 x lo2 3.91999 -1.17706 x 10-2 1.48679 x 106 
In P, 1.77645 -1 .01820 x 1 O4 2.51106 x 106 -3.73775 x 10-8 3.50737 
"c 1.54465 x 10 4.04941 1.73999 x 104 1.05086 x 1 O4 2.99391 x IO2 

S 6.64050 x 10-1 1.48130 x 109 -5.07021 x 106 6.21414 x 10-8 -8.45218 

x 
UT, -1.56752 x 10 1.22751 9.96048 x 1a-8 -2.04742 x 1od -6.90883x10 $ 

1.33832 x lo2 3.1 1349 -7.08978 x lo4 7.69085 x lod -1.12731 x los  
X T b  

Tc and T, are in K, P, in MPa, V, in cma/mol. * e 

2 
c 
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where SA and T, are the gravity and boiling point of the hypothetical n-alkane 
of the M of the substance of interest and are given by Equation 6-31. 

The coefficients Ai in Equation 6-320 are given by 

A, = ai + bM 

Table 6-15 presents the coefficients a, and bi that have been determined by 
fitting Equation 6-821 to the properties of a large number of hydrocarbons and 
derivatives. 

State-of-the-art Equation 6-32 gives the best results. 
The five general categories of experimental data availability for C, fractions are: 

1. The specific or API p v i t y  of the C,@ction. The molecular mass may have 
been determined experimentally or estimated from some correlation of 
specific gravity and molecular mass. 

2.  Chromatographic analysis. The C, fraction has been analyzed by gas-liquid 
chromatography. These results may be reported as a series of equivalent 
n-paraffins up to as high as nC,, or as a true boiling point analysis. The 
specific gravity and/or molecular mass of the fraction may or may not be 
reported. 

3. ASTM (0158 or equivalent) analysis. This analysis is equivalent to a non- 
refluxed single-stage batch distillation. Usually the boiling point tem- 
perature at seven different points (START, 1096, 3096, 5096, 7096, 9096, 
END) will be recorded. The points correspond to the volume fraction of 
the C, distilled into the receiver vessel. The specific gravity and molecular 
mass of the total C, fraction are normally also measured. 

Table 6-15 
Coefficients for Equation 6-32d 

e 

T e  InP, "e WTe 

a, 1.58025 x 10s 9.71 572 -1.18812 x 108 -1.16044 x 10s 
a, -5.68509 -3.32004 x lo+ -1.18745 3.4821 0 
as -1.21659 x lo4 -8.60375 x 10 7.36085 x lo3 2.78317 x lo4 

a, -9.66385 x lo4 -9.00036 x 1V -2.12107 x lV1 4.55767 x 10-l 

a, -1.57999 x lo2 -1.5111 5 4.12064 x lo2 5.08888 x lo2 
a, 3.60522 x 10-1 4.32808 x 1 0 9  2.02114 -6.10273 x 10-l 

b, -1.18432 x 10 -7.50370 x 1V 1.17177 x 10 1 .E9761 
b, 5.77384 x 10-2 3.15717 x 1W -3.48927 x lo+ 2.41662 x 10-2 

b, -6.58450 x 1V' -5.21464 X 10-9 5.63667 x lo4 2.06071 

b, -2.04245 x lo2 -1 .E5430 1.80586 x lo2 7.66070 x lo2 
b, 1.32064 1.36051 x 1 O4 2.56478 -5.75141 

b, 8.74295 x lo-' 2.18899 x lod 2.50717 x 106 1.75189 x 1 0 6  

ar 7.50653 x 10 5.50118 x 10-l 6.83380 x 10 -2.05257 x lo2 
ag 2.17112 X lo4 1.85927 x 102 4.84696 x 10' -7.13722 X lo4 

a, -2.75762 x 10-4 -3.81526 x 1V -2.48529 X 1 0 9  -1.68712 X 10-9 

b, 1 .lo697 x lo2 8.42854 x lo-' -1.34146 x 102 -2.67462 x 102 

b5 7.82310 x lW 7.87325 x lod 9.52631 x 10-4 -5.22105 x 1 0 9  

be -2.27593 x 109 -3.23929 x 1 0 6  -1.74431 X 10-2 8.66667 X lo4 
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4. A partial TBP analysis. A true boiling point (TBP) distillation has been 
performed on the C,, fraction. The TBP distillation is a batch distillation 
similar to an ASTM distillation but the distillation apparatus contains 
several trays (usually 10 or more or the equivalent amount of packing) and 
a high reflux ratio is used. The TBP gives a sharper separation between 
the subfractions than an ASTM distillation. Normally, at least five tem- 
peratures are reported as a function of liquid volume percent distilled over. 
Frequently, more than 20 temperatures will be reported. The specific 
gravity and molecular mass of the total fraction are usually reported. 

5 .  A comphte TBP analysis. A true boiling point distillation has been performed 
on the total C, fraction. The specific gravity and molecular mass have been 
measured for each of the reported distillate subfractions. Between five and 
fifty temperatures and subfraction properties will be reported. 

Table 6-15 shows typical information as it may be reported for each of the 
five categories of C, characterization. The complete TBP analysis is believed 
to be the best form of C, analysis to be used with today’s thermodynamic 
property prediction procedures. Consequently, it is recommended that all 
noncomplete TBP analyses be converted to this form. This section deals with 
these conversion techniques. These techniques are based on empirical correla- 
tions and, in some cases, experience and judgment. There is also one basic 
constraint that must be used in these conversion techniques-that is, maintenance 
of volume-mass-molar relationships in the C, fraction along with consistency 
in the composition of the total stream. One cannot capriciously change the 
molecular mass or specific gravity of the total C, fraction without simultaneously 
adjusting the reported composition. All of the procedures reported here strive 
to maintain consistency of the specific gravity, molecular mass and, when 
possible, the boiling point(s) of the total C, fraction. 

The various procedures for converting noncomplete TBP analyses to complete 
TBP analyses are illustrated in the following section. A common sample problem 
is used to illustrate the basic conversion procedure. In addition, the results of 
several equilibrium calculations are reported for each type of characterization. 
The gas composition, true boiling point date, gravity and molecular weight 
measurements for the C,+ fraction are shown in Table 6-16. Though the parti- 
cular system chosen shows C, as a basis for the heavy and characterization C, 
will be used. There are several isomers of hexane, as well as other materials, 
that can appear in the C, subfraction. The molecular mass tabulated for the 
fractions in Table 616 makes  them appear to be normal paraffins. This, however, 
is not true and a complete TBP analysis was made on the C, fraction. 

Calculations made based on the different C, characterizations are compared 
with experimental values, Table 6-17 and Figure 6-30. The complete TBP 
characterization provides the best predictions of the phase behavior and the 
liquid formation, though there is only a little difference between the full TBP and 
the partial TBP results. The lumped specific gravity-molecular mass charactenza- 
tion and the lumped n-paraffin characterization give the poorest predictions. 
All of the characterizations in Table 6-18 are in better agreement with experi- 
mental values than one would normally expect. 

Vapor-Liquid Equilibrium by Equation of State 

Prediction of a vapor-liquid mixture is more complicated than prediction of 

(text continued on Pags 416) 
pure component VLE. 



Table 6-16 
Sample Analysis for Five Categories of C,, Analysls [12] Ip 

Categories 
7 

Specific Gravity Molar Chromatographic ASRI Partial TBP Complete TBP !? 
1 2* 3 4 5 0 

In€oormation Values Infoormation Valucs Information n 
Values Infomation Values Reported Bepohted Reported Repogted Reported xalues Beported 

LVX ‘I, F sp  gr no1 w t  --- Information Beported Reported mol X LVX T, F LVX T, P -- - 
specific 0.7268 C6 .335 
gravity .327 ST 

.341 10 

.268 30 
mass 104 .166 50 

70 
90 

.OOG GP 

( O A P I )  (63.2) ‘7 

‘8 

molecular c9 

c10 

c33 
5 4  .004 

258 ST 
247 S 

283 10 
331 20 
403 30 
500 40 
596 50 

60 

155 
190 
212 
246 
270 
304 
348 
380 

ST 
17.52 
33.12 

155 
238 0.745 100 
280 0.753 114 

gravity 7 48.37 90 538 
95 583 99.73 

molecular molecular EP 700 EP 698 0.878 310 
mass ma88 

.7867 141*26 specific 
gravity 
molecular 
mass 141.26 

*ckromatograpkic TBP wLll be sfmilar t o  BSTH or partial TBP 



Properties of Hydrocarbon Mixtures 415 

Table 6-17 
Experimental Data for Illustrative Calculations [12] 

Component 

c1 
c2 

c3 
ic4 
nC4 
ic5 
nc5 

‘6 
Fraction 7 

8 
9 
10 
11 

12 
13 
14 

15 
16 
17 

18 
19 
20 

21 
22 

M1 x 
91.35 

4.03 
1.53 
0.39 
0.43 
0 .15  
0.19 

0.39 
0.361 
0.285 
0.222 
0.158 
0.121 

0.097 
0.083 
0.069 

0.050 
0.034 

0.023 
0.015 
0.010 
0.006 

0.004 
0.002 

- 
m 
OF 

209 
258 
303 

345 
384 
421 
456 
488 
519 
548 

516 
603 
628 
653 
676 

698 

mol wt - SP gr 

0.745 
0.753 
0.713 
0.779 
0.793 
0.804 

0.816 
0.836 
0.840 
0.839 
0.835 

0.850 

0.865 
0.873 
0.876 

0.078 

m o l  X C7+ a 1.540 
m o l  ut C.l+ 0 141.26 

s p  gr C7+ - 0.7867 (48.35 O A P I )  

Phase Behavior Data 
dew point at  201OP - 3837 psia 

Liquid Formation at  20loP 

Pressure 
psia BbllMMSCF 

2915 9.07 
2515 12.44 
2015 15.56 
1515 16.98 
1015 16.94 

515 15.08 

S p e c i f i c  Gravity 
Liquid 

0.6565 
0.6536 
0.6538 
0.6753 
0.7160 
0.7209 

100 
114 
128 

142 
156 
170 

184 
198 
212 
226 
240 

2 54 

268 
282 
296 

310 
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Experimental Data Characterization 

0 Table 6.1.16 
Partial TBP, Table 6.1.17 
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v Lumped C7+ 

Table 6.1.16 

c7+ as *ClO 

X 

X 
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BBLs of Liquid/MMSCF 

Figure 6-30. Effect of C,+ characterization on predicted liquid formation [12]. 

(text continued fmnr page 413) 

classical thermodynamics: 
The following condition equations for mixture VLE can be derived from 

Tv = TL (6-33) 

P V  = PL (6-34) 

f; = f )  (6-35) 



Table 6-18 
Effect of C, Characterization on Predlcted Sample Problem Phase Behavior [12] 

Experiment 
Values 

Dew Podnt 
a t  201 F, ps ig  3822 

Amount of l i q u i d  
a t  BBL/>MSCF 

2900 p s i g  9.07 
2500 p s i g  12.44 
2000 p s i g  15.56 
1500 ps ig  16.98 
1000 p s i g  16.94 
500 p s i g  15 .OS 

*Based on 10 equal LV% f r a c t i o n s  

C7+ Predic ted  Values f a r  c h a r a c t e r i z a t i o n  
Chromatographic 

Cl4 from P a r t i a l  TBP Frac t ions  as Frac t ions  from Lumped C7+ as . .  
Table 6.1.16 

3824 3800 

11.57 11.50 
14.26 14.22 
16.43 16.44 
17.48 17.49 
17.38 17.39 
15.56 15.59 

n-paraff ins  
ASTM d e s t .  curve c7' 

3583 3553 3150 

11.07 7.37 5.95 
14.89 10.21 12.40 
17.77 12.66 17.09 
19.08 14.00 19.35 
18.99 14.15 19.91 
16.98 12.46 18.11 

nc1o 

2877 

7 

0.0 
14.09 
18.77 
21.74 ' 
22.25 3 
20.32 % 

% 
8 

z 

n 

E 
E' 

8 

e 
4 
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What does "fi" mean? 

liquid compositions: 
The equilibrium constants, or K values, are defined as the ratio of vapor and 

(6-36) 

The Gibbs free energy is a property of particular importance because it can 
be related to the equilibrium state and at the same time can be expressed as a 
function of T and P: 

dGi = -SdT + VdP (6-37) 

If Equation 6-37 is applied to an ideal gas it becomes 

dGi = RT d(ln P) (638) 

If we now define a property such that Equation 6-38 will apply for all gases 
under all conditions of temperature and pressure 

dGi = RT d(ln fi) (6-39) 

fi  is called the fugacity of component "i" and has a units of pressure. If Equation 
639 is integrated for an ideal gas: 

f, = CP (640) 

'c" is constant and for an ideal gas is equal to 1.0. For real gases the only 
condition under which the gas will behave ideally is at zero pressure. This can 
be expressed as 

amf. = 1.0 
P+O p 

The fugacity of a single component in a mixture is defined in a manner 
similar to Equation 6-36: 

dG = RTd(1n fi) (6-42) 

and by analogy to Equation 6-39 

The fugacity is sometimes referred to as a corrected pressure. A more valuable 
parameter for use in correlative procedures would be a variable with char- 
acteristics similar to fugacity, but which ranged over a much smaller range of 
numbers. It is the fugacity coefficient $,. 

For a pure component 

(644) f i  qi = -  
P 
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For a component in a mixture 

(p. = fi 
' XiP (645) 

The fugacity coefficients are readily calculated from P-V-T data for both, 

P-V-T of a fixed composition system can be developed in pressure explicit 
pure component and mixture. 

forms, i.e., 

P = Q(V,T) (6-46) 

The basic equation of state may be transformed to a compressibility factor 
Z, but the basic expression given by Equation 644 still applies. Equilibrium K 
values are predicted from fugacity, which is related to Gibbs free energy. One 
of the basic definitions of fugacity gased K values is 

(6-47) 

The fugacity coefficient Qi is related to the pressure, volume and temperature by 

Applying the SRK equation, 

+ ( Z - l ) B ~ - ~ ( A i - B ~ ) l n  
bRT 

or 

A 
B 

lnQi = -ln(Z - B) + (Z  - 1)BI - -(A; - Bl)ln 

(6-48) 

(649) 

(6-50) 

where 

Bi = bi (6-5 1) 
b 

Notations are as for Equations 6-11 and 612. For values kr see Tables 6-19 
and 6-20. The data in Table 6-19 was prepared for the Peng-Robinson equation, 

(text continued on page 422) 
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1 w 
- 
1.0 
0.0 
0.0 

j p  
10.1 
1.5 
1.5 
1.3 
1.3 
0.3 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

0.3 

- 

1 
i - 
2.1 
0.3 
0.3 
0.0 

B a  
2.5 
7.0 
7.0 
10.0 
10.0 
11.0 

13.4 
14.8 
17.2 
20.0 
22.8 
26.4 
29.4 
32.2 
0.0 

12.0 

Table 8-20 
Values of Interaction Parameters k,, Proposed by Starling 

4 
$ 

X ! 
5.0 
4.5 
4.5 
4.0 
4.0 
3.6 
3.4 
2.8 
2.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
3.5 
0.0 

Methanc 
Ethylene 
Ethane 
Propylene 
Propane 
i-Butane 
n-Butane 
i-Pentane 
n-Pentane 
Hexane 
Heptane 
Octane 
Nonane 
Decane 
Undecane 
Nitrogen 
Carbon dioxide 
Hydrogen sulfide 

m 
A 

3.1 
0.45 
0.45 
0.35 
0.35 
0.0 
0.0 

- 0 2  
7.0 
1.0 
1.0 
0.8 
0.8 
0.2 
0.2 
0.0 
0.0 
0.0 
0.0 
0.0 

I 
8 
9 - 

3.6 
0.5 
0.5 
0.4 
0.4 

0.08 
0.0 

0.08 

8.1 
1.2 
1.2 
I .o 
1.0 
0.25 
0.25 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

4.1 
0.6 
0.6 
0.45 
0.45 
0.1 
0.1 
0.0 
0.0 

2.3 
0.31 
0.31 
0.0 
0.0 

X 
5.0 
0.7 
0.7 
0.5 
0.5 
0.15 
0.15 
0.0 
0.0 
0.0 

- 
2.75 
0.4 
0.4 
0.3 
0.3 
0.0 

- 

3 
8 - 

6.0 
0.85 
0.85 
0.65 
0.65 
0.18 
0.18 
0.0 
0.0 
0.0 
0.0 

- 

B 
d - 
9.2 
1.3 
1.3 
1.1 
1.1 
0.3 
0.3 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

- 

- 

1 a 

- d 
5.0 
4.8 
4.8 
4.5 
4.5 
5.0 
5.0 
5.0 
5.0 
5.0 
5.0 
5.0 
5.0 
5.0 
5.0 
0.0 
0.0 

- 
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( h t  continuad fsom page 419) 

while the data from Table 6-20 was used for the Benedict-Webb-Rubin equation 
modified by Starling [16]. 

Applying Peng-Robinson equation 

or 

1 z + (za5 + 1 ) ~  
Z - (qas - l ) B  

A h e i  = - h ( Z  - B) + (Z - 1)BI - -(A; - B;) 
2l.5 B 

where 

bi Bi =-  
b 

(6-536) 

(6-54) 

(6-55) 

Notations are as in Equations 6-13 and 6-14. 
The objectives of any equation-of-state solution method are the reliable and 

accurate prediction of the volumetric properties of the fluid mixture under 
consideration. The overall solution procedure is as follows: 

fix the total composition, temperature and pressure 
calculate constants for the equation of state 
solve equation for the volumetric property (specific volume, density or 
compressibility factor) 

When pressure and temperature fall to a two-phase region, the equation must 
be solved twice, separately for vapor and liquid. The composition of each phase 
will be different so the equation of state constants will have to be evaluated for 
both the liquid and the vapor phases. Both SRK and PR are cubic equations, 
so the solution always gives three roots, as is shown in Figure 631 [17]. However, 
the Pr-Vr relationship at a given T, is discontinuous at Vr = b;, Vr = b;, and 
Vr = b;. We are interested in only Vr > b;, which in case the SRK equation is 
equal 0.08664 and 0.077796 for the PR equation. For Vr > b; and T, > 1.0, there 
is only one value of the compressibility factor that will satisfy the equation of 
state. For Vr > b; and Tr < 1.0 we will get three values of Z. The largest Z of 
the vapor Z’s is chosen for the vapor and the smallest amount the liquid Z’s is 
chosen for the liquid. However, in an earlier stage of the iterative VLE calcula- 
tions, it is not Uncommon to encounter a single root, mainly because of incorrect 
compositions [17]. 

A logic diagram for a trial-and-error solution procedure for cubic equations 
of state is given in Figure 6-32. This diagram shows a traditional Newton- 
Raphson approach with an interval halving limiting procedure superimposed on 
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Flgure 6-31. P, vs. V, plot for Peng-Robinson equation [17]. 

it [18]. For purposes of the procedure for locating the boundaries of the liquid 
and vapor phase compressibility factors in the two-phase region discussion, 
assume that the equation of state is given in the form 

Z9 + a Z s  + pz + y = 0 (6-56) 

where y, p are arbitrary constants. 
From Figure 6-33a-d in the two phase region the equation of state will have 

a maximum and a minimum or two points at which the slope of the equation 



444 Production 

J 

Figure 6-32. Logic diagram for equation-of-state solution. 

is zero. The value of the compressibility factor at the maximum defines the 
largest possible value for the liquid phase compressibility factor. If Equation 656 
is differentiated and set equal to zero the following equation results: 

2 a z  P 2 4  + -+ - = 0 
3 3  

(6-57) 
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Solving the above equation for the values of Z at the maximum and mini- 
mum gives 

a a, p -2 - f 4 - - 4- 

2 
zl,* = 3 9 3 (6-58) 

If the algebraic expression under the square root sign is negative or zero, 
only one real value of the compressibility factor will satisfy the equation of state 
(Figure 63% or d). If, however, the value of the expression under the radical 
is positive, three real roots exist and limits for the vapor and liquid phase 
compressibility factors can be determined from Equation 6-58. The solutions of 
Equation 6-58 represent the value of Z at the maximum and minimum points 
of Figure 6-33b. The value of the maximum will represent the largest possible 
value for the liquid compressibility factor and the value at the minimum 
represents the smallest possible value of the vapor compressibility factor. These 
limits can then be used with arbitrary values for the other limit to assure that 
the root obtained is the valid one. The limits thus set up are adjusted at the 
end of each iteration to narrow the interval of search. 

FLOW OF FLUIDS 

Fluid is defined as a single phase of gas or liquid or both. Each sort of flow 
results in a pressure drop. Three categories of fluid flow: vertical, inclined and 
horizontal are shown in Figure 6-34. The engineer involved in petroleum 
production operations has one principal objective to move the fluid from some 
location in an underground reservoir to a pipeline that may be used to transport 
it or storage. Possible pressure losses in complete production system and produc- 
tion pressure profile are shown in Figures 6-35 and 636, respectively. On the 
way from reservoir to pipeline or storage tank, fluid is changing its temperature, 
pressure and, consequently, composition of each phase. In case of dry gas 
reservoir a change in pressure and temperature does not create two-phase flow; 
also in case of black oil with very small GOR, it could be assumed that two- 
phase flow does not occur. 

Based on the law of conservation of energy, the total energy of a fluid at 
any particular point above datum plane is the sum of the deviation head, the 
pressure head and velocity head as follows: 

144p v* 
Y 2g 

H = Z d + - + -  (6-59) 

In reality, whenever fluid is moving there is friction loss (hJ. This loss describes 
the difference in total energy at two points in the system. Expressing the energy 
levels at point 1 versus point 2 then becomes 

144p v, 144p ve Z,, + 2 + 1 = Z,, + 2 + 2 + h, 
Y1 2g YS 2g 

All practical formulas for fluid flow are derived from the a b e ,  where H = total 
energy of fluid; Z, = pipeline vertical elevation rise (ft); pl, pp = inlet and outlet 
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Figure 694. Overall production system [19]. 

AP, = Pm - P.. = besinpawinmdium 
dPs - P* - P., - b e s - m ~  
A P a = P u r - b  -bes-mtriCMn 
AP, = P* - P,- Lars . o m u s t h ( r v . l w  
AP,=P.-P, = L o m - ~ ~ ~  
AP. = P- - PuD - Lom In- 

AP.=P.-P- -lbmbasinllowlip 
A& 9 Pw - P. = W l o P h M  

Flgurr 6-35. Possible pressure losses in complete system [19]. 
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pressures (psia); y;v, = inlet and outlet fluid specific weight; vl, ve = inlet and outlet 
fluid velocity; g = acceleration; = loss of static pressure head due to fluid flow. 

Equation 6-60 can be written in differential form as 

re rW 

RESERVOIR TUBINQ FLOWLINE TRANSFER LINE 
* - _  - -- - -  - _  

dp vdv -+-+dLsine+dL, = O  
Y g  

(6-61) 

where dL sin 8 = dZ and dLw refers to friction multiplying the equation by 
y/dL to give 

Solving this equation for pressure gradient, and if we consider a pressure drop 
as being positive in the direction of flow, 

where 

Equation 6-62 contains three terms that contribute to the total pressure 
gradient, i.e.: 
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1. pressure gradient due to elevation 

ysine = (2) 
d 

2. pressure gradient due to acceleration 

3. pressure gradient due to viscous forces (friction) 

2 =(g)=, +(g)= +(g) f (6-64) 

The acceleration element is the smallest one and sometimes is neglected. 

constituting three pressure elements: 
The total pressure at the bottom of the tubing is a function of flowrate and 

1. wellhead pressure-back pressure exerted at the surface from choke and 

2. hydrostatic pressure-due to gravity and the elevation change between well- 

3. friction losses, which include irreversible pressure losses due to viscous drag 

wellhead assembly 

head and the intake to the tubing 

and slippage 

Figure 6-37 illustrates this situation for each single-phase and two-phase flow. 
Possible pressure losses in a complete system are shown in Figure 6-35. For a 
given f lowrate, wellhead pressure and tubing size there is a particular pressure 
distribution along the tubing. The pressure-depth profile is called a pressure 
traverse and is shown in Figure 6-38. Gas liberation, gas expansion and oil 
shrinkage along the production tubing can be treated as a series of successive 
incremental states where saturated oil and gas coexist in equilibrium (flash 
process). This model is shown in Figure 6-39. At (a) the single-phase oil enters 
the wellbore; (b) marks the first evolution of gas, at the mixture’s bubble point; 
and both (c) and (d) show the traverse into the two-phase region. Note that the 
gas and oil P-T diagrams describing equilibrium phases at points (c) and (d) 
are not the same. This means that the composition of equilibrium gas and oil 
phases changes continuously in the two-phase region. As the two-phase region 
is entered and gas is liberated, oil and gas phases change in volume and 
composition, but they are always in a saturated state, the gas at its dew point 
and the oil at its bubble point. In Figure 640 the separation process is shown 
in forms of the resulting gas and oil. 

Engineering analysis of two-phase fluid flaw in pipes has focused primarily on 
the problem of predictive pressure drop, or pressure gradient from Equation 6-64. 
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Figure 6-37. Components of pressure losses in tubing [20]. 

WELLHIAD PRESSURE 
PRESSURE-LOSS HYDROSTATIC PRESSURE 

FRICTION LOSSES 

DEPTH DEPTH 

(0 )  
SINQLE-PHASE LIQUID 

Cb) 
GAS 

(C)  
MULTIPHASE 

QAS101L MIXTURE 

Figure 6-38. Pressure traverse for single-phase liquid, gas and multiphase 
gas-oil mixture [20]. 



Flow of Fluids 431 

O r 4  
0 0  

:*; 

PHASE PHASE 
DIAGRAM DIAGRAM 
OF THE OF THE 

FLOWING 
MIXTURE PLRAES 

(b) 

‘1/3 T A 

Figure 6-39. Changes in phase behavior in the production tubing [20]. 

In many cases, it has become possible to treat two-phase pipeline problems 
with empirical numerical techniques that yield reasonably accurate pressure 
drops. Most of two-phase pipeline simulation currently is performed using “black 
oil” simulators. A black oil model’s validity rests on the assumption that the 
hydrocarbon mixture is composed of two phases, denoted oil and gas, each with 
fixed composition. A black-oil model usually treats P-V-T properties (solution 
gas, densities and viscosities) as single-value function of pressure. More sophisti- 
cated models include the temperature effect on fluid properties as well. The 
multicomponent or compositional approach is designed for gas condensate and 
volatile oil systems. These fluids are represented as N-component hydrocarbon 
mixtures, where N might be equal to components C,, C,, C,, i-C4, n-C,, i-C,, 
n-C,, C, and C,+. Equations of state (SRK, PR, SBWR) are used to determine 
physical properties. The term “compositional” implies that the overall or in situ 
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Figure 6-40. Pressure-temperature phase diagram used to describe surface 
separation [20]. 

fluid composition varies point by point with distance as is shown in Figure 699. 
When a multicomponent gas-liquid mixture flows through a pipe, the composi- 
tion, pressure, temperature and liquid holdup distributions are related. 

Basic Parameters of Multlphase Flow [19] 

Knowledge of the flow regime determines the selection of the appropriate 
model for pressure gradient and liquid holdup. The flow regime, pressure 
gradient, and liquid holdup are calculated for each segment of the pipeline. The 
information needed to make the calculations includes: 

1. pipeline inlet and outlet boundary conditions (liquid and gas flowrates, 
temperature and pressure) 

2. pipeline geometry, with segments specifications (any ris.er or well, down- 
comer, inclined section) 

3. f h id  properties (assume constant properties, compositional analysis, black 
oil approaches); this includes gas, oil and water density, viscosity and 
surface tension 

It is assumed by flaw regime that the distribution of each phase in the pipe is rela- 
tive to one another. Prediction of flaw patterns for horizontal flow is a more diffi- 
cult task than for vertical flow. Possible flow regimes are shown in Figure 6-41. 
An example of the complexity of two-phase flows in Figure 6-42 shows a schematic 
sequence of flow patterns in vertical pipe. Numerous authors [19,20,21,22] have 
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Figure 6-41. Gas-liquid flow regimes. 
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Figure 6-42. Possible sequence of flow patterns in a vertical tube [21]. 



Flow of Fluids 435 

presented flow-pattern and flow-regime maps in which various areas are indicated 
on a graph for which there are two independent coordinates. Maps are also 
dependent on ranges of pipe inclination from vertical upward to vertical 
downward [19]. Selection of the appropriate flow regime map is based solely 
on the pipe segment inclincation 8 from the horizontal, as shown below: 

Range of lnclinatlon from the Horizontal Regime Maps 

e = 900 to 150 
e = 150 to-io0 
e = -1 00 to - 9 0 0  

Upward inclined 
Near horizontal 
Downward inclined 

Flow Regimes 

The steps in the determination of the flow regime are as follows: 

1. Calculate dimensionless parameters. 
2. Refer to flow regime maps laid out in coordinates of these parameters. 
3. Determine the flow regime by locating the operating point on the flow 

regime map. 

The discussions in the following sections treat the flow regime maps for 
vertical upward (e = 90"); slightly inclined (0 = 15" to -10") and vertical 
downward inclinations. 

To proceed with the calculations of the flow regime, it is necessary to calculate 
the superficial velocities for each flow phase. The superficial velocities for the 
gas, oil and water are 

v, = q P p  

where A, = pipe flow area in ft2 
q = volumetric flowrate at flow conditions in ft3/s 

(6-65~) 

(6-653) 

(6-65c) 

The superficial velocities of liquid phase (oil and water) are calculated as 

(6-65d) 

The mixture velocity that will be used in some of the calculations is the sum 
of the superficial velocities of the gas and the liquid phases: 

(6-65e) 

The average velocity of each phase is related to the superficial velocity through 
the liquid holdup: 

U, = vL = vsJHL (6-658 
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Ug .= vg = VJ(1-H,) 

For a homogeneous model both phases are assumed to have equal velocities and 
each is equal to a two-phase (or mixture) velocity: 

VL = vg = v, (6-65h) 

H, in Equations S65f and S65g refers to liquid holdup. 

pied by liquid to the volume of the pipe segment: 
Liquid holdup is defied as the ratio of the volume of a pipe segment occu- 

volume of liquid in a pipe segment 
volume of pipe segment 

H, = (6-66a) 

In some cases, e.g., for stratified horizontal flow regime, liquid holdup can be 
calculated as follows: 

(6-66b) 

where 4 = cross-sectional area occupied by liquid (oil and water) 
A, = cross-sectional area occupied by gas 

Slightly Inclined Pipes (-10' 8 15') 

As can be seen from Figure 641, there are four flow regimes of interest: strati- 
fied, slug, annular and bubbly; and three flow regime transition zones. 

Step 1. Dimensionless Parameters 

each flowed alone in the pipe: 
1. Martinelli parameter-this is the ratio of the liquid and gas phases as if 

According to standard fluid mechanics book 

0.O46/Reap if Re = yDv/p > 1,500 

16/Re if Re c 1,500 
f(*) = 

2. Gas Froude number (dimensionless gas flowrate): 

(6-670) 

(6-673) 

(6-68) 

(*) Calculated separatdy for I s "  and "gs." 



Flow of Fluids 437 

3. Turbulence level 

4. Dimensionless inclination (slope parameter) 

(6-69) 

(6-70) 

Step 2. Flow Regime Map 

The parameter Y is used to select the flow regime map to be used from Figure 
6-43. This figure presents nine flow regime maps (a to i) for a wide range of 
dimensionless inclinations Y in the range of interest. 

Step 3. Flow Regime Selection 

The flow regime maps are prepared in Froude number-Martinelli parameter- 
turbulence level (Fs-X-T). Four flow regimes are noted on the maps, doing with 
the three transition boundaries. Regimes are: stratified, slug, annular and bubbly. 
The flow conditions for the current pipe segment are located using the X,Fg 
coordinates. If the located point is in the region labeled “stratified,” then the flow 
regime is indeed stratified. If the located point is outside of the stratified region, 
then determine whether the point is to the left or right of the vertical line 
representing the transition between annular and slug flow regimes. If the point 
X,Fg is on the right side of the vertical line, X,T coordinates are necessary to use. 

Rlsers and Wells (e = SOo) 

There are three possible flow regimes, including annular, slug and bubbly, 
and two regime transitions. 

Step 1. Dlmensionless Parameters 

For this regime map, three dimensionless parameters are calculated. The para- 
meters include dimensionless groups, which represent a balance between buoyancy, 
inertial and surface tension forces. These are called Kutateladze numbers. 

(6-71) 

(6-72) 

(text continued on page 447) 



438 Production 

Marthelli M e t e r ,  X 

Figure 0-43a. Flow regime map for slightly inclined pipes (horizontal) [22]. 



I 10 1 00 1000 I0000 
Martineui Paramem, x 

Flgure 6-43b. Flow regime map for slightly inclined pipes (Y = -100) [22]. 
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Maainelli E%famem, x 
Figure 6-43c. Flow regime map for slightly inclined pipes (Y = -1000) [22]. 
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Martinelli Paramew, X 

Figure 6-434. Flow regime map for slightly inclined pipes (Y = -10,000) [22]. 
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Figure 643e. Flow regime map for slightly inclined pipes (Y = IO) [22]. 
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Martinelli Paramern, X 

Figure 6-43f. Flow regime map for slightly inclined pipes (Y = 30) [22]. 
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IWtklU-,X 

Flgure 643h. Flow regime map for slightly inclined pipes (Y = 1000) [22]. 
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Martinem plmrmeter. X 

Figure 6-431, Flow regime map for slightly inclined pipes (Y = 10,000) [22]. 
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(text continued f+om p a p  437) 

p ' = ( k )  (6-73) 

where K,, K, = dimensionless gas and liquid flowrates 
p p = density of gas and liquid phases in lbm/ft3 

v:vs: = superficial gas and liquid velocities in ft/s 
= surface tension between gas-oil phases in lbf/ft 3 = dimensionless density ration 

g = acceleration of gravity in ft/s2 

Step 2. Flow Regime Map 

Once these dimensionless parameters are calculated, then the point with the 
coordinates (K,, KJ is located on the flow regime map in Figure 6-44. 

Step 3. Flow Regime Selection 

The boundary for the appropriate density ratio is located for the transition 
boundary between the slug and bubbly flow regimes. Once the appropriate 
boundary line is found, then the flow regime is simply bubbly, slug or annular 
depending upon the region in which the point falls. This slug to annular 
transition applies only if the pipe size D is larger than a critical diameter D,r 
given by 

where 

(6-744 

(6-74b) 

pL = liquid phase viscosity in lbJ(ft/s) 

Usually, the critical pipe size is. about 2 in. for conditions of gas and oil 
pipelines so that Figure 644 can be used often. The criterion should be checked 
each time, however.-If D < D c ,  another method has to be used; see Reference 22, 
VOl. 3. 

Downcomers (0 = -90") 

There are also three possible flow regimes: annular, slug and bubbly. There 
are two flow regime transitions to be calculated. Two different maps will be used, 
one for transition between annular and slug flow regimes and a second for the 
transition between the slug and bubbly flow regimes. 
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Figure 6-44. Flow regime map for vertical upward inclinations (e = SOo) [22]. 
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Annular-Slug Transition 

1. Dimensionless parameters X and I Y I from EQuation 64% and 6-70, respectively. 
2. Flow regime map, see Figure 6-45. 
3. Flow regime selection. Locate the point with (X, IY I) C O O I - ~ ~ M ~ ~ S ;  if the point 

falls in the region %nnular,’’ then the flow regime is annular. If the point falls 
in region “slug” or “bubbly,” then the map from Figure 6-47 must be used. 

Slug-Bubbly Transition 

1. Calculate dimensionless parameters K,, K, and p*; use Equations 672 and 

2. The appropriate regime boundary for the specific weight ratio is selected 

3. Flow regime selection. Depending upon which region of the map the data 

6-73, respectively. 

on the regime map with K,, K, coordinates. 

point falls into, flow regime is slug or bubbly. 

Similarly as for (9 = 90’) Figure 6-46 applies for pipes greater than a certain 
critical diameter. 

(6-75) 

The above procedure is valid for D > 2 in. 

lation method. 
For each flow regime there is a separate pressure gradient and holdup calcu- 

Stratified Flow Regime 

First, the liquid holdup H, and fi/f (friction factor ratio) are calculated. The 
liquid holdup as a function of X (Equsion 667u), Y (Equation 6-70) and (fJf-) is 
read from Figure 6 4 7 ~ - d .  fi/fw = 10 is recommended to be used as a prelimi- 
nary estimate. For better accuracy f/L can be calculated. H, should be first 
estimated by the method described above and 

fi = 1.0 if Equation 6-766 < 1.0 
f , 

0-000025Re~ (1 - HL)5/*(1 + 75HL) 1 fi= 
f * [ + D / 3.281 

( 6 - 7 6 ~ )  

(6-766) 

if Equation 6-766 > (1 + 75H,) (6 -76~)  

(D is in in.). 
Figure 6-48a-fi shows Equation 6-76 for pipe diameters ranging from 4 to 36 in. 

The friction factor ratio (EJfv8) can be estimated h m  the plots in Figure 648 or 
as a result of calculation. 

(texi continued on page 464) 
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Figure 6-46. Flow regime map for bubble-slug transition for vertical 
downward inclination (e = -90") [22]. 
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Figure 6-47a. Liquid holdup in stratified flow regime (f,/fw = 1) [22]. 
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Figure 6-4713. Liquid holdup in stratified flow regime (f/f, = 5) [22]. 
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Figure 6-47~.  Liquid holdup in stratified flow regime (f/fw = 10) [22]. 
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Mallinelli Pamaletex, x 
Figure 6-47d. Liquid holdup in stratified flow regime (fpw = 20) [22]. 
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Figure 6-Ma. Interfacial friction factor ratio for stratified flow regime 
(D = 4 inches) [22]. 
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Figure 0-48c. Interfacial friction factor ratio for stratified flow regime 
(D = 12 inches) [22]. 
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Figure 6-48d. Interfacial friction factor ratio for stratified flow regime 
(D = 16 inches) [22]. 
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Figure 6-486. Interfacial friction factor ratio for stratified flow regime 
(D = 20 inches) [22]. 
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Liquid Holdup, HL 

Figure 6-48f. Interfacial friction factor ratio for stratified flow regime 
(D = 24 inches) [22]. 
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Liquid Holdup, HL 

Figure 6-48g. Interfacial friction factor ratio for stratified flow regime 
(D = 30 inches) [22]. 
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Flgure 6 4 h .  Interfacial friction factor ratio for stratified flow regime 
(D = 36 inches) [22]. 
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( f a t  continued from page 449) 

When the friction factor is determined correctly, Figure 6-47 should again 
be used to estimate a new value of the liquid holdup. If the new value of the 
liquid holdup obtained is different from determined previously, this new value 
should be used in Equation 6-76 or Figure 6-48 to refime the estimate for fJfv. 
This is simply an iteration process. 

Pressure Gradient 

Knowing the liquid holdup H, calculations for the pressure gradients due 
to friction and gravitational effects are straightforward. First, some geometric 
parameters are calculated 

1. Dimensionless cross-sectional area occupied by gas (4) and by liquid (4) 
A, = 0.25[cos-’(2h*-l) - (2h* - 1)[1 - (2h* - l)*]0.5 

4. = 0.25[~ - cos-l(2h* - 1) + (2h* - 1)[1 - (2h* - l)2]0.5 

(6-774 

(6-77b) 

2. Dimensionless wetted perimeter for gas phase (S,) and for liquid phase (SA 

S, =  COS-'(^^* - 1) 

S, = [n -  COS-'(^^* - I)] 
(6-78~) 

(6-783) 

3. Dimensionless interfacial length between gas and liquid phases (Si) 

Si = [l - (2h* - l)]” (6-79) 

4. Dimensionless hydraulic diameter for gas phase (D,) and liquid phase (D,) 

D, = 4AJ(SL + Si) 

D, = 4AJSL 

(6-80~)  

(6-80b) 

where h = dimensionless liquid height in pipe (= HJD) 

Dimensionless liquid level h can be expressed in terms of H, as shown in Figures 
649 to 6-52, but in terms of h that approach is much easier for the circular 
pipe cross-section. 

Since the liquid holdup is 

H, = 4AJn (6-81) 

It is necessary to find h first, using the expression in Equations 6-77 to 6-80. 
The value of h must be found numerically, or alternatively, it can be estimated 
from Figure 6-53. After geometric parameters are calculated (Equations 6-77 to 
6-80) the friction factors for the gas and liquid phase has to be calculated 

(text continued on page 470) 
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Figure 6-49. Dimensionless cross-sectional areas in stratified flow regimes [22]. 
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Flgure 6-50. Dimensionless wetted perimeters in stratified flow regimes [22]. 
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Figure 8-52. Dimensionless hydraulic diameters in stratified flow regimes [22]. 
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(text continucd fmm page 464) 

0. 046/Reie if Re, = 
f, = 

(16/Re, if Reg < 1,500 

0,04S/Re,"' if Re, = (y$:Ea) 2 1,500 

fwL = I 
(6-82~) 

(6-823) 
116/ReL if Re, 1,500 

Then the frictional and gravitational pressure gradients given by expression 
6-64 are 

(6-833) 

where L = distance in ft 
z = vertical coordinate in ft 
S = pipeline inclination from the horizontal in degree 

Special Cases for Low and High Liquid Holdup 

As H, = 1.0 or 0.0, it becomes difficult to determine the liquid holdup accu- 
rately. Small errors in the estimation lead to large errors in the frictional portion 
of the pressure gradient by Equation 6-83~; therefore, in such cases as above, it 
is recommended that the pressure gradient be calculated by the following 
methods. If the liquid holdup H, > 0.99, then 

If the liquid holdup Iz. < 0.01, then 

(6-84u) 
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where the gravitational pressure gradient is still the same as in Equation 6-833 
and the frictional pressure gradient can be determined by subtraction from 
Equation 6-84a or 6-843. 

Annular Flow Regime 

In the annular flow regime, the extent of liquid entrainment must first be 
estimated, then the liquid holdup and the pressure gradient can be calculated. 

Liquld Entrainment E,, 

Calculation methods in this area have not been validated and may be poor. 
First, calculation ve (critical gas velocity on set of entrainment) is made as follows: 

0.5 

v, = 0.00025(~] (3 (6-85) 

If the value of the v, < v,, then there is no entrainment E, = 0. If vsg 
the entrainment fraction should be estimated by 

ve, then 

E, =1-exp 0.23 3 [ r v;y 11 (6-86) 

where E, = mass fraction or volume fraction of the total liquid flow that is in 
the form of entrained droplets 

Equation 6-86 is an empirical correlation without experimental basis. Figure 654 
graphically shows the liquid entrainment fraction far various values of the critical 
entrainment velocity, ve. 

Liquid Holdup H, 

determine H,, dimensionless specific weight ratio f has to be known: 
After E, fraction is calculated, the liquid holdup can be estimated. To 

(6-87) 

density of a Wdroplet mixture in the core of the annular flow 
density of the gas phase r: = 

with this density ratio, other dimensionless parameters could be defined 

X 
(6-88a) x, = - 

(Y:)o.6 
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(6-883) 

where X and Y are the same as the values for the stratified flow regime. 

holdup in the liquid film H, for the annular flow regime. 
With these parameters, Figure 6-55o-d can be used to estimate the liquid 

The total liquid holdup in the annular flow regime is calculated as follows: 

H, = H u + (  ) 
+ 'rg 

Pressure Gradient 

The friction factor for the liquid phase needs to be calculated first. 

[16/Re, if Re, < 1,500 

The fractional and gravitational pressure gradients are 

= - [ 2 f w , [ l $ ) ( 5 ) ]  4 

(6-89) 

(6-9 la) 

and 

Special Case for Low Liquid Holdup 

mended. If H, < 0.002, then 
For low values of the liquid holdup, the approach described below is recom- 

(6-9%) 
[16/Reg if Re, < 1,500 

(tmt conrimrsd on pa@ 4 78) 
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Figure 6-55a. Liquid holdup in annular flow regime (E, = 0), (Expanded 
Y scale) [22]. 
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Flgure &!%A Liquid holdup in annular flow regime (E, = 0.2), (Expanded 
Y scale) [22]. 
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Figure 6-55c. Liquid holdup in annular flow regime (E, = 0.4), (Expanded 
Y scale) 1221. 
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Marthelli Parameter, X,, 

Flgure 6-55d. Liquid holdup in annular flow regime (E, = 0.6), (Expanded 
Y scale) [22]. 
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(text continued fim #age 473) 

Then the total pressure gradient is 

= -2(1+ 75H,)(f,) (6-923) 

(dp/dL)g from Equation 6-91b could be calculated. 

Slug Flow Regime 

In slug flow, the liquid slugs tend to contain some gas. The fraction of liquid 
in the liquid slugs can be estimated by 

1 

28.4 

E, = 
(6-93) 

Figure 6-56 shows the liquid holdup versus the mixture velocity v, by this 
correlation. 

Slug Velocity 

The velocity of the liquid slugs or gas bubbles is determined by 

For C, and k see Table 6-21. 

Liquid Holdup 

The overall liquid holdup is obtained by 

(6-95) 

Pressure Gradient 

Two cases will be considered, slightly inclined flow and vertical flow. Pressure 
for slightly inclined flow is a function of an average liquid velocity vL, a friction 
factor f, and an average slug density ph. 

VL = V A L  (6-96a) 
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Figure 6-56. Liquid holdup in liquid slug [22]. 
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Table 6-21 
Drfft-Flux Parameters for Slug Flow Ri 

Pipe Inclination 

80' < 8 5 90" 

00 < 8 -C 80" 

8 - 0  

-800 S 8 < 0' 

-goo< 8 < -800 

CO 

1.2 

1.3 

1.3 

1.3 

0 .9  

lime 

0.35 1 
0.50 

0 

-0.5* 

-0.6* 

small as a r e s u l t  of having the 
mixture superficial v e l o c i t y ,  V,,very small, then the slug 
v e l o c i t y ,  V,, should be limited to the mixture v e l o c i t y .  

O.O46/Re:' ifReL= ( - 'CL) 11,500 
f ,  = 

(16/ReL if Re, e 1,500 

The frictional pressure gradient is then calculated by 

(g ) f= - (v )  
and the gravitational pressure gradient is 

For vertical flow, the fractional pressure gradient is calculated by 

(6-96b) 

(6-96~) 

' (697a) 

(6-973) 

where yb, from Equation 6-96~ with = 0.75 

H, = = liquid superficial velocity 
v, avg. liquid velocity in slug flow 

and fm, from Equation 6-966, using the mixture velocity v,,, (replacing v,) in the 
Reynolds number. 
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Optlonal Correction 

The approximation to the pressure gradient above neglects the liquid holdup 
in the liquid film around the gas bubble. This holdup may be significant for 
long gas bubbles that occur in wells of gas and oil pipelines. Thus Equations 
6-98 and 6-976 will overpredict the pressure gradient. If greater accuracy is 
desired, a closer estimate (which may tend to underpredict the pressure gradient) 
is possible. 

The thickness 6" (dimensionless thickness of liquid film in slug bubble) of 
the liquid film is estimated and the result used to modify the liquid holdup. 
To get the liquid film thickness, two dimensionless parameters are first cal- 
culated; dimensionless velocity ratio for slug flow in risers Nf and dimensionless 
velocity ratio for slug flow in risers v*: 

N, = [DWY, - Y,>~,Io.~//c~, (6-99~) 

v* = V,Yy/k[gD(Y, - (6-99b) 

In Figure 6-57, the line of constant v* is found first, then the line of constant 
N, is located. The "turbulent film" line is a limiting case for large values of Nr 
The intersection of these two lines determines the film thickness 6". The liquid 
holdup calculated by Equation 6-95 is then modified by 

H i  = 1 - (1 - HL)/(l - 26*)' (6-100) 

This modified value of the liquid holdup is used in Equation 6-98 and 6-976) 
to determine the pressure gradient, where the other parameters are calculated 
as before. 

Bubbly Flow Reglrne 

The liquid holdup is found by a drift-flux model 

H L = l - (  V ) 
COV, + kv, 

where the velocity v_ is 

and the parameters C, and k are determined as below: 

(6-101 U )  

(6-1016) 

Plpe lncllnatlon co k 

>O" i .2 - 0.2(~8~)0.5 1.4 
0" i .2 - 0.2(~,4~~)a5 0 
<0° 0.9 0 



Dimensionless Film Thickness, 6' 

Flgure 6-57. Dimensionless film thickness for well in slug flow [22]. 
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Pressure Gradient 

The friction factor for the liquid is first calculated by 

O.O46/ReE %Re, = L zm) 2 1,500 ( fw, = (6-1024 
[16/Re, if Re, e 1,500 

The pressure gradient due to friction in the bubbly flow regime is evaluated from 

and the gravitational pressure gradient 

= -g[HLy, + (1 - HL)yg]sin6 (%Ig 

(6-1 02b) 

(6-102~) 

Correction for Acceleration Effects 

The methods used in this section so far neglected the contribution of accelera- 
tion effects to the pressure gradient, 

The acceleration pressure gradient in pipeline flow is due to the changes in 
the fluid properties through the pipe segment. These changes include expansion 
of the gas phase, expansion of the liquid phase and the changes in quality (due 
to phase behavior). 

To account for acceleration effects, the total pressure gradient should be 
calculated by: 

(6-10%) 

where the parameter A is calculated by the method appropriate for each flow 
regime as follows: 

[= o to neglect acceleration effects 

= (yp, +yLvsL)* x - +(1-X) - [ (3 (:)I 
A for bubbly or slug flow regime .i 

(6-1036) 

for stratitied or annu~ar flow regime 
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d /dp and dJd,, represent the change in specific volume for each phase with a 
caange in pressure as evaluated from the fluid properties. The acceleration 
portion of the pressure gradient is calculated by 

(dP/WP = -A(dP/dL), (6-1 0%) 

Limitation 

The described-above methods can be applied under the following conditions: 

1. flow mass in pipe in constant (steady-state flow) 
2. only the gas-liquid phase flow is considered; the liquid phase is treated 

3. the temperature is constant and equal to the average temperature 
as an oil 

The above procedure presents the multiphase methods in a simplified form to 
permit quick prediction to be made. The same problems can be solved based 
on computer methods that are presented in Volumes 2 and 3 of the AGA 
Project [ 191. 

Example 1 

Calculate the pressure gradient for a horizontal pipeline using the flow regime 

qg = 40 MMsd/d 

q,, = 40,000 stb/d 

ID = 9 in. 

maps. The following data are given: 

API (gravity) = 33' 

Par, = 2,000 psia 

Tq = 80'F 

S.G. = 0.75 at 14.7 psia and T = 60'F 

Rp = 990 scf/bbl 

Also calculate missing f hid properties using proper correlations. 

dp/dL = I 

1. Stock-tank oil specific weight y, 

y,m = 62.37 [141.5/(131.5 + OAPI)] 

= 62.37[141.5/(191.5 + 33)] 

= 53.65 lb/fts 
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2. Gas specific weight at std conditions 7, 

r,, = 0.0763~~ = 0.0763(0.75) 

= 0.05723 lb/ftg 

3. Pipe flow area 

A, = (n/4)D4 ~/4(9/12)~ = 0.4418 ft* 

4. Calculate Z, pg p,, and GOR at P, and Twg. From Gas P-V-T Program 
(see Chapter 5) at p = 2,000 psia 

T = 80°F 

Z = 0.685 

pg = 0.0185 cp 

From Oil P-V-T program at p = 2,000 psia 

T = 80°F 

R, = 990 scf,/bbl 

po = 2.96 cp 

5. Calculate yg at p4 Tq and Zq 

6. Calculate vapor superficial velocity, vsg from Equation 6-65 

spgu - - (40 '0' )o.05724 = 5.48 ft/s 
A,p,(24)3,600 0.4418~10.95~24~3,600 v.g = 

'7. Calculate liquid superficial velocity va 

= 5.88 v / ! L =  40,000( 42) 
A, ('7.481)24(3,600)0.4418 

8. Reynolds number and friction factor based on the superficial velocity, 
from Equation 6-673 
a) Liquid 
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= 4-44 x los3 0.046 f, = - = 
RY (118,851.7)"' 

where 2.0886 x is a unit conversion factor 

b) Gas 

Y t P ,  = (10'95)(9/12)(5m48) = 3,623,080 > 1,500 R, = 
pg (0.0187)( 2.0886 x 106)(32. 2) 

9. Martinelli parameter X from Equation 6-67a 

4.44 x 10"(53.65)(5.88)' 
2.24 x loJ (10.95)(5.48)' 

10. Dimensionless inclination Y from Equation 6-70 

g(YL -Yg)sin8 
2 f,Y8V:/D 

Y =  

since sin 8 = 0 (horizontal pipe) 

Y = O  

11. Calculate gas Froude number 

F8 = '%[ " = = 0.56 
(YL - Y , W  (53.65-10.95)32.2(9/12) 

12. Select flow regime for X = 3.3 and Y = 0. Figure 64% indicates slug flow. 
13. Liquid holdup in the liquid slug, E,, from Equation 6-65e 

v, = vL + vQ = 5.88 + 5.48 = 11.36 ft/s 

from Equation 693 

= 0.781 1 
11.36 

- 1 
1.59 - E, = 

I+(+ 28.4 l+(-) 28.4 

14. Slug velocity vs from Equation 694 
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where C, = 1.3 and K = 0 for 8 = 0" 

v, = 1.3(11.36) + 0 - 14.768 ft/s 

15. Liquid holdup q, Equation 6-95, 

5.48 + ( 1 - 0. 781)( 14.768 - 1 1-36) = o, 578 = I -  
14.768 

16. For 8 = 0", calculate average liquid velocity, v,, 

vL = v, 5-88 = - = lO.l7ft/s 
H, 0.578 

17. Calculate ReL and fwL from Equation &97b 

0*046 = 3 . 9 8 3 ~  10" f * = - =  0.046 
R:: (205,564)"* 

18. Average slug density yb from Equation 69% 

YL, = EJ, + (1  - 

= 0.781(53.65) + (1 - 0.7)(10.95) 

= 44.3 lb/ft5 

19. The fractional pressure gradient from Equation 6-97a 

2(3.983 x loJ)( 44. q(10.17)' 
(9/12)(32.2) 

= -1.51 132 

20. The total pressure gradient, since 8 = 0" 
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and 

= 1.51132Wft' (%)& 
or 

(%) = -1.0495~10~psi/ft 
told 

Semiemplrlcal Methods 

Many empirical correlations have been developed for predicting two-phase 
flowing pressure gradients which differ in the manner used to calculate three 
components of the total pressure gradient (see Equation 6-64). Some of them 
are described below. 

The Duns-Ros Method [20,21] 

To better understand the initial concept of the Duns-Ros method, Figure 
6-58 shows a generalized flow diagram. This work was designed to cover ranges 
of low pressure, low rate, high gas/oil ratios and viscous oils. Figure 6-59 
shows that pressure gradient and holdup also depend significantlr on superficial 
gas velocity. 

At low gas flowrates, the pipe essentially is full of liquid since the gas bubbles 
are small. Holdup is approximately equal to unity. At liquid rates less than 
1.3 ft/s (0.4 4 s )  increased gas rate causes the number and size of the bubbles 
to increase. Ultimately, they combine into plugs that become unstable and 
collapse at still higher gas concentrations to form slugs. At gas rates greater 
than 49 ft/s (15 m/s), with the same liquid rate, mist flow is initiated, and gas 
is the continuous phase with liquid drops dispersed in it. When the liquid 
velocity is over 5.3 ft/s (16 m/s) the flow patterns are not as observable. As 
gas flow increases, no plug flaw is observed; flow is turbulent and frothy until 
some degree of segregation takes place at higher rates. For this degree of liquid 
loading, mist flow does not occur until gas velocity reaches at least 164 ft/s 
(50 WS). 

Figure 6-60 graphically outlines the flow regime areas. Duns and Ros mathe 
matically defied these areas as functions of the following dimensionless numbers: 

N, = v,A(*IJa)OS gas velocity number (6-104) 

NvL = V,A(YJQ)~." liquid velocity number (6105) 

Nd = d B ( ~ J f 3 ) ~ ~  diameter number (6-106) 

N, = N, = ~C(l/yL&)os liquid velocity number (6-107) 
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Figure 6-58. Flow diagram for the Duns-Ros method [19]. 
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Figure 6-60. Region of occurrence of different flow regimes [23]. 

Any consistent units system may be used, e.g., 

English Metric 

pL (liquid density) slugdfP kg/mg 
d (diameter of pipe) ft m 
Q (liquid surface tension) dynlcm dydcm 

(liquid velocity) Cp CP 

Equations contain a ''g" term that was included into the mist conversion factors 
A, B and C. 

English Metric 

A 1.938 3.193 
6 120.9 99.03 
C 0.1 573 0.3146 

At high liquid rates the pressure gradient varied significantly with the gas 
rate. The various flow regions were divided into three main regions depending 
on the amount of gas present. 
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Region I. The liquid phase is continuous and bubble flow, plug flow and part 

Region 11. In this region the phases of liquid and gas alternate. The region thus 

Region 111. The gas is in a continuous phase and the mist-flow regime exists. 

The different nature of these three main regions necessitates separate correla- 
tions for friction and holdup for each region; therefore, in principle, six different 
correlations are to be expected. The identification of flow region is a function 
of N,, Ne, L,, Lz and N,. The regions of validity of the correlations are plotted 
and presented in Figure 6-61 as a function of the liquid velocity number NLv 
and gas-velocity number Ne. Because N, and Ngv are directly related to liquid 
flowrate and gas flowrate, respectively, it can be seen from Figure 6-61 that a 
change in one or both of these rates affects the region of flow. 

of the froth-flow regime exists. 

covers slug flow and the remainder of the froth flow regime. 

Duns and Ros suggested the following limits for various flow regions: 

Region I: 0 S NP I (L, + L,N,) 
Region 11: (L, + L NLv) < N , (50 + 36NLv) 
Region 111: Ngv 7 ($5 + 84 fiL>75 

s I I I I I I 

- 

REGION I 

Bubble 
flow 

Plug flow 
- 

I 

L, and 4 are functions of N,, and their relationships are presented in Figure 6-62. 
It was also found that the liquid holdup is related to the slip velocity, vs, 

as follows: 

Flgure 6-61. Region of validity of Duns-Ros correlation [23]. 



Flow of Fluids 493 

4 10" 
2 

10 

4 

Figure 6-62. L factors vs. diameter number, N, [23]. 

V, = vJ(1 - HL) - vIJH, (6-108) 

where v , vsL are average gas and average liquid superficial velocities, respectively. 
The 3ip velocity was expressed in dimensionless form as 

s = vs (yJga)0.*5 

As soon as S has been determined, v,, H, and, fmlly, (dp/dL), can be determined. 
Different formulas are used for calculating S in each of the three flow regions. 

These formulas, which are functions of the four dimensionless numbers, NLv, 
N,, N,, N,, are found in the example below and make use of Figures 6-63 
and 6-64. 

Example 2 

Ros method. Apply this procedure to solve the following problem. 

conditions if Ap = 500 psig. 

Show stepwise procedure for calculation of the pressure traverse by the Duns- 

Determine the distance AL between two pressure points starting surface 

Given that tubing size d = 2 in. = 1.995 in. ID 

wellhead pressure 1,455 psig = p1 

p, = p1 + 500 = 1,955 psig 
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pbrr = 14.7 psia 

T, = 75°F 

Tp = 105'F 

S.G.p = 0.752 

S.G., = 54"API 

Q, = 480 bpd (std) q,,, = 0 bpd (std) 

4L=9,+90 
pg = 0.020 cp (constant value) 

a, = 28 dyn/cm 

GLR = GOR = 3393 scf/bbl 

Choose a commercial steel pipe. 

Solutions 

1. Determine the specific gravity of the oil: 

141.5 - - 141e5 -0.763 
131.5 + API 131.5 + 54 

SG, = 

2. Find the weight associated with 1 bbl of stock-tank liquid 

m = SG,(350)( l+$0R)+SG0(350)( 1 + WoR WOR )+(0.0764)(GLR)(!3Gg) 

1 1 
= 0.763(350)(%) + 0.763(S50)(lco) +0.0764(3393)(0.752) 

= 462 IWstb of oil 

3. Determine the specific weight of the liquid phase: 

1 WOR 
yL = 6 n ' 4 ~ 0 (  1 + WOR)'sGw( 1 + WOR)] 

= 47.6 Idft5 
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4. Find the average pressure: 

P1+Pn+p,= 1'455+1'955 +14.7 = 1,719.7psia pltyl=- 2 2 

5. Find the average temperature: 

6. Find ZaT for gas phase 

za- = f(T,,P,) 

= 0.72 

T, = T/Tpc = 550/394 = 1.4 

p, = 1,719.7/660 = 26 

7. Find the average specific weight of the gas phase: 

1719 7 520 1 
= 0.752(0.0764)--- = 8,8231b/fts 

14.7 5500.72 

8. Find R, at Taw and p, (see Chapter 5) 

T, = 90°F, pw = 1,719.7 psia 

9. Calculate the average viscosity of the oil from correlations (see Chapter 5) 

pod = 10" - 1.0 

X = T-1,16sexp(6.9824 - 0.04658 OAPI) 

X = 90-1,163exp(6.9824 - 0.04658 x 54) = 0.4646 
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pod = 1.915cP 

KO, = Aptd 

A = 10.715(Rs + 

A = 0.2983 

B = 5.44(Ra + 150)-0.55s = 5.44(947.3 + 150)-O.”” 

B = 0.5105 

pOs = 0.2983 x 1.915°.5105 = 0.416 cp 

= 10.715(947.3 + 

10. Determine the average water viscosity. No water is in the example. 
11. Calculate the liquid mixture viscosity: 

1 

12. Find the liquid mixture surface tension: 

1 WOR 

13. Find Bo at p, and Tq. 

Bo = 0.972 + 0.00147F’~175 

a5 a5 

F = R8( 2) + 1.25% [T(OF)] = 947.3 - 0’752 + 1.25(90) = 1052.9 
(0.763) 

Bo = 1.495 bbl/stb 

14. Find the turbine flow area %: 

15. Find the liquid viscosity number: 

a s  

N, = 0.15’13x (0.5) ((28&.6) = 2.05 x 10” 

16. Find vd (assume Bw = 1.0): 
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vrL = 
1 + WOR 1 + WOR 

- - 8640qO. 5*61(480) 0217) [1.495(1.o)+l.o(o)] 1 + 0  = 2.147ft/s 

17. Find the liquid velocity number: 

v4 

N, = 1.938 vL( %) = 1.938(2.147)( $r = 4.75 

18. Find the superficial gas velocity: 

1 
q L  GLR-R' l+WOR 14.7 Tayg 

vsg = ' 86, 400Ap ( )I(=)( 520)(%) 

- - qL[ GLR - '.( 1 + i 0 R ) l B g  

86, 400Ap 

3,393-947.3 - ( 0)]14.7 x 550(0. 72) = 4.08 ft/s 
1719.5 x 520 

- - 
86,400(0.0217) 

19. Find the gas velocity number: 

v4 

N, = 1.938 v%( %) = 1 . 9 3 8 ~  4.08( gr = 9.03 

20. Find the pipe diameter number: 

a5 N, = 120.9d( 2)"" = l20.9( -)( 1 995 18) 47.6 = 26.2 

21. Select the proper flow regime from Figure 6-61: 

NBV = 9.03 

N, = 4.75 

These numbers fall in Region 11; see Figure 6-61. 
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22. Determine the proper slip factor depending upon the region found in 
step 21. 
a) For Region I: determine the slip factor determination. The slip factor 

is found by the following formula: 

(1 :CL" 1' S = F, + F,N, + Fi 

F, and F, are found in Figure 664. 
F; = F, - FJN, where F, and F4 are found in Figure 6-64. For 

annular flow N, is based on the wetted perimeter; thus, d = (dc + dJ. 
Region I extends from zero N, and N up to Ne = L, + L,NLV, where 
L, and L, can be found in Figure 6-6g 

b) For Region 11: 

F,, F, and F, can be found in Figure 6-63 where F, = 0.029Nd + F,. 
Region I1 extends from the upper limit of Region I to the transition 
zone to mist flow given by Nu = 50 + 36NLv. 

c) For Region I11 (mist flow): 

s = o  

1 Therefore, H, = 
1 + V'*/V, 

This is valid for N > 75 + 84 N:'. Calculations for Region I1 from 
Figure 6-63 if N, = go5 x lo-,, then 

F, = 0.218, F, = 0.58, F, = 0.12 

Fb = 0.029Nd + 0.58 = 0.029 x (2.62) + 0.58 = 1.34 

9.03a98p + 1.34 = 4.88 s = (1 + 0.20) 
[1+ (0.12 x 4.751)]* 

23. Determine the slip velocity if in Region I or 11: 

S 
1.938(yJ0,)~' 

v, = 

It is Region 11; hence 

= 1.933 4.88 
1.938(47.61/28)a6 

v, = 
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24. Determine the liquid holdup: 

v,-vq-vrL+[(v,-vq-v.&)*+4vs vrL]o.5 
H, = 

2v. 

1.933- 4.08- 2.147+ I( 1.933- 4.08 - 2.147)' + 4( 1.933)( 2. 147)Ia5 

= 0.42O4= 0.42 

This value can be checked 

4.08 2.147 - 5 = - - - = 1.923 Vw 
v, = 

1-H, HL 1-0.42 0.42 

25. Determine the liquid Reynolds number: 

1,488~47.6~2.147~0.16625 = 60,773 
0.416 ( N b L  = 

26. Determine the friction gradient according to the flow region. 
a) For Region I and I1 

where f, = (fJ- f * 
f ,  

fi is found in Figure 6-65 and f, is found in Figure 6-66. 
The abscissa must be determined in Figure 6-66 and is fiRNy 

where R = .% 
v.& 

f5 = 1 + f,(R/50)0.5 

The friction factor f, is valid in Regions I and II and covers heading 
also. It is good from zero NLv and N, up to the limit given by NP = 
50 + 36 N,. 
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Figure 6-66. Bubble friction correction [23]. 

b) For Region 111: 

In mist flow where NW > 75 + 84N,q;?5 

where Np. = p pL 

For E > 0.05d the value of f, is calculated by 
In Region d I f, is taken as fl and may be taken from Figure 6-65. 

+ 0.067( E/"'.'' 
1 

[ 4 log,, (O.O2'7~/d)]* 
f ,  = 

For E > 0.05d, the value of d - E should be substituted for d through- 
out the friction gradient calculation, and also this substitution should 
be made: 

It is Region 11; hence, calculate f,, f2 and f, such that 

f 2 
f, = (f1)- 

f 3 

From Figure 6-65 read f,, but first determine a value for E/d. If the 
value for E is not known, a good value to use is 0.00015 ft, which is 
an average value given for commercial sted. 
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For given Reynolds number (60,773) and E/d 

fl = 0.005 

From Figure 6-66 

where f l [2 )Ny  = 0 . 0 0 5 ( 2 ) 2 6 . 2 ”  = 0.0839 

f ,  = 1.01 

0.5 f ,  = l + f , (  4.08 ) = l+0.005(0.038)0.5 = 1.001 
2.147 x 50 

f ,  = 0.005 - = 0.00505 (A3 
calculate friction gradient G,: 

4.75(4.75+9.03) = o.0252 Gb = 2(0.00505) 
26.2 

27. Determine the static gradient: 

Y G ,  = H L + ( l - H , ) B  
Y L  

8 823 
47.6 

=0.42+(1-0.42)--0.5275 (dimensionless) 

28. Determine the total pressure gradient. 

a) For Regions I and 11: 

G = G, + G, 

b) For Region I11 (accounting for accelerations): 

G =  Gst + Gb 

1 - (YLVIL + Ygv,)(v.g/Y) 

= G , + G ,  =0.5275+0.0252=0.5527 
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29. Convert to gradient in psi/ft: 

30. Determine distance AL: 

(1,955-l,455)psi 
0.1827 psi/ft 

& =  = 2,737 ft 

If water flows together with oil, it is recommended that the calculations be made 
using the average oil-water mixture properties. 

The Orkiszewski Method [24,25] 

This method is recognized for four types of flow pattern and separate 
correlations are prepared to establish the slippage velocity and friction for each. 
The four types of flow curve are bubble, slug, transition and mist. The correla- 
tion is applicable to high-velocity flow range and gas condensate wells in addition 
to oil wells and has proven accuracy. To make calculations, a computer is 
preferable. Figure 6-67 shows a generalized flow diagram of this method. After 
assuming a pressure difference and calculating the various required properties, 
a flow region is selected. Depending on the flow region, the pressure loss 
calculations-which, in general, include friction and holdup-are made. The 
vertical length corresponding to the pressure difference is then determined. 

The flow regime is found by testing the following limits: 

Regime Llmlts of Boundary Lines, L 

The foregoing new variables are defined as follows: 

Bubble: 

& = 1.071 - (0.22189Jd) but 2 0.13 

Slug: 

(6109) 

(6-1 10) 
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Mist flow 
regime: 

Calculate gas 
holdup, 
average 
density , 

friction 
gradient 

flowing bottomhole pressure 

Calculate or obtain 

‘Transition flow Slug flow regime: Bubble flow 
regime : Calculate slip regime: 

distribution holdup. average density, 
f r ic t ion gradient coeff iclent , 

average densigy. average tys f o r  slug and fr ic t ion 
gradient mist flow friction 

regimes and gradient 
interpolate 

Calculate veloclty. liquid Calculate gas 

i A 

I 
Repeat procedure untfl  
ZAL is  equal to  length 

of flow string 

Mist: 

Lm = 75 + 84(N,qJqg)o.75 [or 84(N,~,,/vJ~.~~] 

where v, = total fluid velocity (v,  + vsg = vm) 
q, = volumetric total flow (e. + q,) 

N, = dimensionless velocity influence number 
= vsg(YJg@0.*5 
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Bubble Flow 

The y, required knowledge of the holdup H,, such that 

Y, = Y,H, + YP(1 - HL) 

In this the HI is calculated as follows: 

H, = 1 - 0.5[1 + VJV. - (1 + v,,/v~)' - ~ v , / v ~ ) ~ . ~ ]  

where vs = slip velocity = 0.8 ft/s (0.244 m/s) 

(6-111) 

Therefore, the friction gradient is 

dp/dL = 2fYLv:/(HIgcd) (6-112) 

where f = Fanning friction factor obtained from Figure 6-65 

(6-113) Re = dVsLYI/h 

The elevation gradient is 

dP/dL = Y,Fe (6-114) 

and the acceleration gradient is negligible. However, Orkiszewski's equation for 
all these effects is 

(6-115) 

which is essentially the same as adding the three gradients. 

Slug Flow 

attempt was made such that 
Slug flow specific weight y, is difficult to know and difficult to assume. An 

in a slightly different term arrangement using velocities, or 

where m, = total mass/s 
A,, = area of pipe 
v = correlation factor, C,C,(gd)o.5, slip velocity 
8 = liquid distribution coefficient 

(6-116a) 

(6-116b) 

(6-117) 
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C, and C, are functions of a Reynolds number as follows: 

C, = (f)dvsyJpL, or Re, (Figure 6-68) 

and 

C, = (f)Re, and Ren = dvtyJk (Figure 6-69) 

Since vs is a dependent variable, it must be found by iteration. A value of v, is 
assumed, Re, is calculated and C, and C, are determined. If the calculated 
value of vs does not agree with the assumed value, try again. [A good initial 
try, v, = 0.5(gd)0.5.] For details see Example 3. Now determine 6 as follows: 

(a) If v, < 10 (continuous phase is water) 

6 = [(0.013 log pJd'.'*] - 0.681 + 0.232 log V, - 0.428 log d (6-118~) 

(b) If v, < 10 (continuous phase is oil) 

6 = [0.0127 log (k + l)/d'.415] - 0.284 + 0.167 log vm + 0.113 log d (G118b) 

(c) If v, > 10 (continuous phase is water) 

6 = [(0.045 log pL)/d0~'99] - 0.709 - 0.162 log V, - 0.888 log d (6-118~) 

(d) If v, > 10 (continuous phase is oil) (pL in cp) 

6 = [0.0274 log (h + l)/d'.'''] + 0.161 + 0.569 log d + x (6-1 18d) 

where 

= - log v, [(0.01 log(k + l)/d1,571) + 0.397 + 0.63 log d] 

1.4 - 

0 1000 2000 3000 4000 5000 6000 
Reynolds Number 

Re, = v d  Pe4e 

Figure 6-68. C, constant vs. bubble Reynolds number [26]. 
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Figure 6-69. Friction factor [27]. 

These constraints apply to 6: 

If V, < 10, 6 2 - 0.065 V, 

If v, ’ 10, 6 2 (-VJ1 - YJYJAV, + v.1 

Finally, the friction gradient term is 

(6119) 

where f, is obtained from Figure 6-65 using the following: 

Re = dv,y& (6-120) 

Again, the total pressure gradient includes the evalation (static), friction and 
acceleration (negligible) components. 

Transltion Flow 

Orkiszewski used linear interpolation between slug and mist. 

Mist Flow 

The Duns-Ros method is used. 
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Example 3 

Apply Orkiszewski method to solve Example 2 with the pipe diameter d = 2 in. 

1. Select the starting point as the 1,455 psig pressure. 
2. The temperature at each point of pressure is given as 75°F at 1,455 psig 

and 105°F at 1,955 psig. 
3. Ap is equal to 500 psig. 
4. It is not necessary to assume depth increment since the temperature at 

1,955 psia is known. 
5. The average temperature of the increment is (105 + 75)/2 = 90°F 
6. The following calculations are made in order to complete step 7 to deter- 

mine flow regime. 
a) The average flow conditions are 

Ap = (1,455 + 1,955)/2 + 14.7 = 1,719.5 

T = 90°F = 550"R 

Z = 0.72 

R, = 947.3 scf/stb 

Bo = 1.495 bbl/stb 

b) The corrected volumetric flowrates are 

qL = 480 bpd = 6.4984 x x 480 sd/s 

= 6.4984 x 

= 0.0466 ft5/s 

(qoBo + qwBw) = 6.4984 x X 480 x 1.495 

q, = 3.27 x 

= 3.27 x 

= 0.08855 ft3/s 

x (GLR - R)qL(T + 460)/p 

(0.72) (3,397 - 947.3) 480 (550)/1,719.5 

q, = q, + e = 0.08855 + 0.0466 = 0.1352 ftJs 

c) The corrected weight flowrates are 

WL = 4.05(10-3)(qoSGo + qwSGw) + 8.85 x (10-7)~SG,(Rs) 

= 4.05( 10-3)(480 x 0.763 + 0) + 8.85( 107)480(0.752)947.3 

= 1.483 + 0.303 = 1.7856 lb/s 

W, = 8.85(10-7)qLgp(GLR - R,) 

= 8.85(10-')480(0.752)(3393 - 947.3) = 0.7813 lb/s 
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wt = w, + w, = 1.7856 + 0.7813 = 2.567 lb/s 

d) The corrected specific weights are 

yL = WJe = 1.7856/0.0466 = 38.32 lb/ft3 

y, = wJ% = 0.7813/0.08855 = 8.82 lb/ft3 

7. Determine the type of flow regime: 
a) Test variables 

A, = 0.0217 ft2 

v,=vt=Q'=L- - 6.23 ft/s 
A, 0.0217 

0.25 

N, = 1.938 vw( 2) 
9 0.08855 - 4.081 
A,, 0.0217 

v,g = -kL = - - 

38.32 = 8. 55 N, = 1.938(4.081) - ( 28 

b) Boundary limits 

d = 2/12 = 0.1662 ft 

From Equation 6-109 L, = 1.071 - (0.2218vem/d) 

= 1.071 - (0.2218 X 6.23'/0.1662) 

-50.7 

Because has such a low value, we must use L, = 0.13 from Equation 
6-111 L, = 50 + 36N.pe/qg. 

L, = 50 + 36(8.55)0.0466/0.09955 = 212 

These two values, L, and L,, indicate that the regime is slug flow. 
8. Determine the average density and the friction loss gradient 

Ren = dv,y& = (0.1662)(6.23)(38.32)/(0.5 x 0.000672) 

a) Slip velocity, vs 

= 118,080 
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0.40 I I I I 

I 

- 

- 

- 

I I 

Since this value exceeds limits of the graph (Figure 6-69) vs must be 
calculated using the extrapolation equation. 

vS = 0.5(gd)0.5 = 0.5(32.2 x 0.1662)0.5 

= 1.155 (first try) 

Re, = (1.155)(38.32)(0.1662)/(0.5 x 0.000672) = 21,892 

C ,  cannot be read from graph (Figure 6-70). To solve this problem, 
Orkiszewski proposed the following equations: 

if Re, I 3,000 

vs = (0.546 + 8.74 x x Ren)(gcd)o.5 

if Re, 2 8,000 

vs = (0.35 + 8.74 x 104Re,)(gcd)o.5 

if 3,000 < Re, < 8,000 

v, = 0.5F + [F* + 13.59pJ(~Ldo~5)] 

where F = (0.251 + 8.74 x 10-6Ren)(g,d)o.5 
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In this example v8 = 0.35 + 8.74 x x 118,080 x (32.2 x 0.1662)05 

= 3.19 ft/s 

b) Liquid distribution coefficient 6 and friction factor f Equation 6-118b 
is used to evaluate 6 since vt < 10 and there is no water. 

6 = 0.0127 log (0.5 + 1)/0.16621"15 - 0.284 + 0.167 log 6.23 

+ 0.113 log (0.1662) 

= - 0.211 

Checking this value 

- 0.211 1 - 0.065 (6.23) 

- 0.211 1 - 0.405 

Therefore, 6 is okay 

E/d = 0.00015/0.166 = 0.00009 

and Re, = 21892 

ff = 0.0065 (Fanning factor from Figure 6-65) 

or f = 0.025 (friction factor from Figure 6-70) 

because f = 4f, so results are consistent. 

c) Evaluation of average flowing specific weight from Equation 16 

- - 2~57+38.82x3~19x0~0217+(-0.211)(38.32) = 17.451b,/ft3 
0.1352 + (3.19)(0.0217) 

d) Wall friction loss from Equation 6-119 

vsL = 2.147 (see Example 2) 

2(0.0063)(38.32)( 6.23)* (%)f = (32.2)(0.1662) 
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(s)f = 1.255? lb = 0.0087 psi/ft 

U 
neglected 

lb =17.45-=17.45 
ft 

( %)d = 0.1212 psi/ft 

(2) =0.1212+0.0087=0.1299psi/ft 
t d  

if Ap = 500 psi since AL = 500/0.1299 = 3,849 ft 

The Hagedorn-Brown Method [25] 

This correlation obtained from field data for pipe size ranging 1 to 4 in. 
nominal parameter. The equation for calculating pressure gradient is proposed 
as the following: 

The equation for calculating pressure gradient is proposed as 

(6-121) 

We have one consistent set of units, where: 



514 Production 

p =pressure 
L = length (height) 
f, = Fanning friction factor 
q, = total liquid flowrate 
mo = total mass flowinghol. liquid 
d =pipe ID 
v,,, = avg. velocity = vsL + vso 
g = conversion factor, force from mass 
A = unit conversion constant 
yHB = Hagedom-Brown specific weight 

based on pseudoholdup 
ym = avg. two-phase specific weight 
vsL = superficial liquid velocity 
vsp = superficial gas velocity 
y, = liquid specific weight 
y, = gas specific weight 
H, = liquid holdup, a fraction 
F.. = force equivalent 

= 7, = YLH, + yg(1 - HJ 

Iwft2 
ft 

bbllday 
slug/bbl 
ft 
Wsec 
32.2ft/sec2 
7.41 (1O’O) 

- 

lW 
I blft 
fVS 
fVS 
IbW 
lbmS 

1 .o 

kPa 
m 

m31s 
ks/m3 
m 
m / S  
9.81 m/sec2 
8.63 (104) 

kg/m3 
kg/m3 
rnls 
mls 
ks/m3 
k@m3 

9.81 

The friction factor used in Equation 6-121 is found from Figure 6-65. Figure 
6-71 provides a relative roughness number. For this method, the Reynolds 
number for use with Figure 6-65 is 

(6-122) 

where: 

English Metric 

q = volumetric flowrate total all fluids WIS m31s 
pm = averaged viscosity, using an equation 

of the form of Arrhenius: 

and 

The equation would be solved over finite segments of pipe. Agm is the changed 
velocity at points 1 and 2, the inlet to and outlet from that section. yrn is the 
specific weight at the average p and T in the section. 

Figure 6-72 also contains two empirical correction factors C and w. A plot of 
the data showed that holdup versus viscosity was a series of essentially straight 
lines. Water was chosen arbitrarily as a base curve (C = 1.0). C then is used for 
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Figure 6-71. Relative roughness for various kinds of pipe [27]. 

other viscosity fluids to make the parallel curves coincident. The viscosity 
correction curve obtained is shown in Figure 6-73. 

The factor w was included to fit some of the data where it was postulated 
that a transition would occur before mist flow begins, with gas velocity as the 
major variable. As gas velocity approached that required for mist flow, it breaks 
through the liquid phase a d  the turbulence produces a liquid "ring," which 
increases slippage. As velocity increases even further, the shear forces on this 
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Figure 6-72. Holdup factor correlation [28]. 
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Figure 6-73. Correlation for viscosity number coefficient [29]. 

1 .o 

ring dissipate it until the primary mechanism is mist flow. Figure 6-74 shows 
the correlation for w. In most cases 

The basic correlating equation, 6-122, can be converted to a form similar to 
that for either single flow by allowing H, + 0 for gas or H, + 1.0 for liquids. 
As gas rate or liquid rate approaches zero the pressure gradient obtained 
likewise approaches that for the other single phase. One, therefore, has a 

will be equal to 1.0. 
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Flgure 6-74. Correlation for secondary factor correction [29]. 

continuous gradient from liquid to two-phase to gas, an important aspect of 
the model. 

Reviewing the foregoing calculation summary, it is necessary to make the 
calculation for a given diameter pipe and a given flowrate to avoid a trial-and- 
error solution. One can find Re and all of the velocity associated numbers to 
solve Equation 6122. This would have to be repeated for various pipe size holdup 
calculations based primarily on data from 1.25-in. (0.031-m) tubing, the correla- 
tion in Figure 6-72 resulted. Some of the forms in this figure are the output 
from characterizing numbers and secondary correlations. Four dimensionless 
characterizing numbers were first proposed by Ros and adapted by others. They 
are given by Equations 6-103 to 6107. 

When the liquid stream contains both oil and water, calculate the properties 
as follows: 

the liquid specific weight yL: 

SG,(62.4)+ R,SG,(O.0764) /5.614 
Y L  =[ B o  ]( 1 + $OR) 

+ [ SG,(62.4) ( l Y z E R ) ]  

the total weight associated with one bbl of stock tank liquid, w: 

(6-1 23) 

w = SG0(350)( + woR) 1 + SG,(350)( +wzER) + (0.0764)(GLR)SGg (6-124) 
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the weight flowrate wt: 

wt = W(Sw + 9.1 

the liquid mixture viscosity pL: 

the liquid mixture surface tension 0: 

the superficial liquid velocity vk in ft/s (assuming Bw = 1.0): 

1 WOR 
Vk = 86,400AP 5.61qL [ "( 1 + WOR)' Bw( 1 + WOR)] 

the superficial gas velocity v-: 

(6-125) 

(6-126) 

(6-127) 

(6-128) 

(6-129) 

Mixture specific weight is calculated by both using the Hagedorn-Brown 

If bubble flow is the dominant regime, the pressure gradient is used in the 
holdup correlation and assuming no slippage. The higher value is then used. 

same way as in the Orkiszewski approach (step 7). 

Example 4 

Solve the problems in Example 2 using the Hagedorn-Brown method 

p1 = 1,455 psig 

pi = 1,955 psig 

d = 1.995 in ID (A, = 0.0217) 

plwr = 14.7 psia 

T, = 75°F 

T4 = 105°F 

SGg = 0.752 
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SG, = 54"API 

g, = 480 bpd 

9, = 0 

ps = 0.020 cp 

bo = 28 dyn/cm 

GLR = 3,393 scf/bbl 

Solution 

1. p = (1,455+1,955)/2+14.7 = 1,179.7 
2. T = (75 + 105)/2 = 90" F 
3. SG, = 0.763 from Example 2 
4. Total mass flowing from volume liquid-mo = 462 lb/stb of oil from 

5. Solution gas/oil ratio R, and oil formation volume factor Bo 
Example 2 

R, = 947.3 scf/stb 

Bo = 1.495 bbl/stb 

6. Liquid specific weight 7, and gas specific weight y, from Equation 6-123 

(0.763)62.4 + 947.3(0.752)(0.0764) = 38.331b/fts 
yL = (1.495) (5.614) 

y, = 8.823 lb/ft3 

7. Oil viscosity, pa and oil surface tension, 0, 

po, = 0.5 cp 

(so = aL = 28 dyn/cm 

8. NL = 0.1573(0.5)(1/(38.33~28~))~'*~ = 2 . 6 ~ 1 0 "  fromEquation6-107 
9. CN, = 0.0022 (from Figure 6-73) 

10. vSL = (5.61x 480)/(86,400~0.0217)1.495 
= 2.147 ft/s from Equatioa,fi-128 

11. N, = 1.938(2.147)(38.33/28) = 4.5 fromEquation 6-123 
12. vs = 4.08 ft/s from Equation 6-129 
13. flv = 1 . 9 3 8 ~  4.08(38.33/28)0'25 = 8.55 from Equation 6-104 
14. Check the flow regime; calculate A and B: 

A = L, = 1.071 - [0.2218(4.08 + 2.147)*1/0.1662 

= - 50.68 from Equation 6-109 

The minimum limit for L, is 0.13. To assume 0.13 
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B = vJ(vs, + vsg) = 4.08/(4.08 + 2.147) = 0.655 

Since B - A = 0.616 - 0.13 = 0.486, the difference is positive; so continue 
the Hagedorn-Brown procedure. In case E A  is negative, use the Orkiszewski 
method to find flow regime. 

15. N, = 120.9(0.1662)(38.33/28)0~5 = 23.5 
16. Calculate holdup correlating function Q 

17. Now from Figure 6-72 HJ\y = 0.42 
18. Calculate secondary correlation factor Qs 

NINE" $,=-- - 8.55 x (2.6 x 10-')0.38 = o~oo1036 
NdZl4 (23. 5)"4 

19. From Figure 6-74 \y = 1.0 
20. Liquid holdup H, = (HJ\y)(\y) = 0.42 x 1.0 = 0.42 
21. The two-phase Reynolds number (Re), is 

2.2 x lo-' x 221,760 = 379, 760 
(0.1662)O. 5°.4'0. 02aB 

Re, = 

22. Relative roughness &/d = 0.00015/0.1662 = 0.0009 
23. Fanning friction factor from Figure 6-65, 

f, = 0.00510 

24. Calculate the average two-phase specific weight y, using two methods: 
a) y,,, = ym = y L q  + y,Cl - HJ = 38.33(0.42) + 8.823(0.58) = 21.22 lb/ft3 

FL 350SG, + 0. 0764SGg( GOR) + 350SG, ( WOR) b) y, = - = 
VrJ 5. 61B0 + 5.61( WOR) + (GOR - R, )B, 

- 350 x 0.763 + 0.0764(0.752)3393 + 0 - 
5.61(1.495) + (3393 - 947.3)(14.7/1719.7)(550/520)(0.72) 

= 19.006 1b/ft3 

Use 21.22 lb/ft3 as a proper value. 

(repeat steps 6, 7, 9, f6, 18) 

T, = 75"; p1 - 1,455 psig 

25. Calculate 
a) Z,, Bo,, Rsl, vsls and v. at T,, p1 

Z, = 0.71 
T, = (75 + 460)/394 = 1.358 

p, = 1,455/660 = 2.2 
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Itsl = 0.752[(1455/18) x 10°~0'5~")/100~00091(75)]1.2048 

= 804.4 scf/stb 

Bo, = 0.972 + 0.000147F1.175 = 1.403 bbl/stb 

where F = 804.4(0.752/0.763)0.5 + 1.25(75) = 892.3 

vu = (  (1.403) = 2.02ft/s 
86,400~0.0217 

[480(3,393-804.4)14.7 ~ 5 3 5 ~ 0 . 7 1 1  = 4.89 ft/s 
86,400x0.0217xl,455x520 Vsgl = 

Z, = 0.73 
T, = (105 + 460)/394 = 1.434 

pr = 1,955/660 = 2.962 

R = 0.752 [( 1955/18) x 1Oo.ol25(~)/lOo.oo09l(lo5)]1.5048 
a:! 

= 1064.5 scf/stb 

26. Calculate the two-phase velocity at both Pp and P,: 

Vml = Val + Vel = 2.02 + 4.89 = 6.91 

Vm, = Vu + V- = 2.262 + 3.368 = 5.63 

27. Determine value A(Vm) 

A(Vm) = (6.91' - 5.63*) = 16.05 

28. From Equation 6-122 

Ap = 500 psi = 500 x 144 lb/ft' 

yHB = ym = 21.22, A = 7.41 x 1Olo 
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16 05' 500( 144) - 21.22 - 
2 x 32.2 

[0.0051(480)5(462)*] 
[ 7.41 x 10" (0.1662)* 21.221 

AL= 
21.22(1)+ 

= (72,000- 84.88)/(21.22 + 0.005774) = 3,388 ft 

or 

-=-- 500 - 0.1476 psi/ft A' 
AI., 3,388 

The Beggs-Brill Method [20,25] 

The parameters studied in this method and their range of variation were 
as follows: 

gas flowrate 0 to 300 Mscfd 
liquid flowrate 0 to 50 gal/min 
average system pressure 35 to 95 psia 
pipe diameter 1 and 1.5 in. 
liquid holdup 0 to 0.870 
pressure gradient 0 to 0.8 psi/ft 
inclination angle -90" to +90° also horizontal flow patterns 

A flow diagram for calculating a pressure traverse in a vertical well is shown 
in Figure 6-75. The depth increment equation for AI., is 

(6-130) 

where y, = two-phase specific weight in lb/ft3 
v, = twephase superficial velocity (v, = v , ~  + v ~ )  in ft/s 
f, = two-phase friction factor 

G, = two-phase weight flux rate (lb/s ftg) 

A detailed procedure for the calculation of a pressure traverse is following: 

1. Calculate the average pressure and average depth between the two points: 

p = (p, + P'V2 + 14.7 

2. Determine the average temperature T at the average depth. This value 

3. From P-V-T analysis or appropriate correlations, calculate Rs, Bo, B, po, 
must be known from a temperature versus depth survey. 

pw, &, bo, ow and Z at T and p. 
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I Calculate Ah 

Flgure 6-75. Flow diagram for the Beggs-Brill method [19]. 

4. Calculate the specific gravity of the oil SG,: 

141.5 
131.5 + API 

SG, = 

5. Calculate the liquid and gas densities at the average conditions of pressure 
and temperatures: 
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350SG0 + 0.  0764RSGg 
5.615 Yo = 

350SGw 
Yw = 5.615BW 

0.  0764SGgp(520) 
Yg = (14.'7)( T + 460)Z 

6. Calculate the in situ gas and liquid flowrates. 

3.27 x 10-'Zqo(R- R,)(T + 460) 
P qg = 

e = 6.49 x 10-5(q0B0 + qwBw) 

7. Calculate the in situ superficial gas, liquid and mixture velocities: 

V,L = e/% 
"sg = q p p  

v, = V& + v1 

G, = YLVL 

Gg = Y A g  

8. Calculate the liquid, gas and total weight flux rates: 

G, = G, + Gg 

9. Calculate the input liquid content (neslip holdup): 

10. Calculate the Froude number N,, the liquid viscosity, pL, the mixture 
viscosity pm and the liquid surface tension oL: 
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pt = pLh + ~ $ 1  - X)(6.72 x lo4) 

aL = oofo + awfw 

11. Calculate the no-slip Reynolds number and the liquid velocity number: 

a 25 

N, = 1.%8v,( %) 
12. To determine the flow pattern that would exist if flow were horizontal, 

calculate the correlating parameters, 

L,, $, L3 and L4: 

L = 316hO.0302 
1 

L = 0.1oh-1.4516 

L, = 0.0009252h-'.4684 

L = 0.5h-6.738 
4 

13. Determine flow pattern using the following limits: 

Segregated 

h C 0.01 and N, < L, 

or 

h 1 0.01 and N, < L, 

Transition: 

h 2 0.01 and L, < N, < Ls 

Intermittent: 

0.01 I h < 0.4 and Ls < N, < L, 

or 

h 1 0.4 and L, < N, .5 L4 

Distributed: 

h < 0.4 and N, 2 L, 
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or 

h 2 0.4 and N, > L, 

14. Calculate the horizontal holdup H,(O): 

where a, b and c are determined for each flow pattern from the follow- 
ing table: 

~~~ 

Flow pattern a b C 
~~ ~ 

Segregated 
Intermittent 
Distributed 

~~ 

0.98 
0.845 
1.065 

~ 

0.4846 0.0868 
0.5351 0.01 73 
0.5824 0.0609 

15. Calculate the inclination correction factor coefficient: 

C = (1 - h)ln(&Ni$Jk) 

where d, e, f, and g are determined for each flow condition from the 
following table: 

Flow Pattern d e t g 

Segregated uphill 0.011 -3.768 3.539 -1.614 
Intermittent uphill 2.96 0.305 4.4473 0.0978 
Distributed uphill No correction c=o 
All flow patterns downhill 4.70 -0.3692 0.1244 4.5056 

16. Calculate the liquid holdup inclination correction factor: 

I = 1 + Crsin(1.80) - 0.333 sin3(1.80)] = 1 + 0.3C 

for vertical well 

17. Calculate the liquid holdup and the two-phase density: 

H,(0) = HLWW 

P, = PLHL + p,(l - HL) 

18. Calculate the friction factor ratio: 

f,/f.. = el 

where S = [ln(y)l/{-0.0523 + 3.182 ln(y) - 0.8725 [ln(y)I4 

+ 0.01853 [ln(y)I4) 
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Y = W H L ( ~ ) l 4  

S becomes unbounded at a point in the interval 1 < y < 1.2; and for y in 
this interval, the function S is calculated from 

s = h(2.2y - 1.2) 

19. Calculate the no-slip friction factor: 

f, = 1/{2 log [NJ(4.5223 log Nkm - 3.8215)])' 

or 

f, = 0.0056 + 0.5/(N,)0.34 

20. Calculate the two-phase friction factor: 

f, = f,/(f,/fJ 

21. Calculate AL. If the estimated and calculated values for AL are not 
sufficiently close, the calculated value is taken as the new estimated value 
and the procedure is repeated until the values agree. A new pressure 
increment is then chosen and the process is continued until the sum of 
the AL's is equal to the well depth. 

Example 5 

Solve the problem in Example 2 using the Beggs-Brill method. 

Solution 

1. p = 1,719.7 psia 
2. T = 90°F 
3. R, = 947.3 scf/stb Bo = 1.495 bbl/stb 

4. SG, = 0.736, y = 8.823 lb/ft5 
5. yo = 38.32 lb/fpts (from Example 3) 
6. q, = 0.08855 ft5/s 

qL = 0.0466 ft3/s 
7. A, = 0.0217 ft' 

vsL = e /A ,  = 2.147 ft/s, vs, = 4.081 ft/s 
8. Calculate the liquid, gas and total weight flux rates: 

pw = 0.5 cp, 6, = 28 dyn/cm, Z = 0.72 

GL = YLvT.L, G, = Ygvq 

G, = GL + G, = 38.32 x 2.147 + (8.823) x 4.081 

= 118.3 lb/(s ftp) 

9. Calculate the input liquid (no-slip holdup): 

k = q L -  - 0m0466 = 0.3448 = 0.345 
qL +q, 0.0466+0.08855 
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10. The Froude number, viscosity and surface tension 

= 7.26 N m = < =  6.23' 
gd 32.174~0.1662 

= pofo + pwfw = 0.5(1.0) + ~ ~ ( 0 . 0 )  = 0.5 

p, = (6.72 x 104)[0.5 x 0.345 + 0.02(1 - 0.345)] = 1.164 x 

= 0.0001164 lbm/(ft/s) 

0, = oofo + owfw = 28 x 1.0 = 28 dyn/cm 

11. Calculate the no-slip Reynolds number and the liquid velocity number: 

N, = 1.938 x 2.147(38.32/28)0.*5 = 4.5 

12. Determine the flow pattern that would exist if flow were horizontal: 

L, = 316h0.30* = 316 x (0.345)0.3" = 229.14 

= 0.0009252(0.345)-*.46&4 = 1.2796 x lo-* 

L3 = 0.10h-'.*16 = 0.10(.345)-1."16 = 0.4687 

L4 = 0.5h-6.ns = 0.5(0.345)-6.7s8 = 650.3 

13. Determine flow pattern: 

0.4 > h > 0.01 and Lp < N, < L 

The flow pattern is intermittent. 
14. Calculate the horizontal holdup: 

HJO) = 0.845(0.345)0~5551/7.260~0175 = 0.462 

15. Calculate the inclination correction factor coefficient: 

C = (1 - 0.345) ln(2.96 x 0.345°~5054.5-0~~737.260~0g78) 

= 0.18452 

16. Calculate the liquid holdup inclination correction factor: 

\v = 1 + C[sin(l.8 x 90) - 0.333 ~ in~(1 .9  X 90) 

1 + C(0.309 - 0.009826) = 1 + 0.3C 

= 1 + 0.3(0.18452) = 1.055 
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17. Calculate the liquid holdup and the two-phase density: 

HL(90) = H L ( 0 ) ~  = 0.462 x 1.055 = 0.4876 

r, = y,H, + r, (1 - HL) = 38.32(0.4876) + 8.823 (1 - 0.4876) 

= 23.2 Ib/ft3 

18. Calculate the friction factor ratio: 

y = [0.345/(0.4876)2] = 1.451, In 1.451 = 0.3723 

fc/fns = exp[0.3723/(-0.0523 + 3.182 x 0.3723) - 0.8725 x 0.3723p 

+ 0.1853 x 0.37234)] 

= exp(0.3723/1.0118) = 3°.36796 = 1.4447 

19. Calculate the no-slip friction factor: 

f,, = 1/{2 l0g[NRcns/(4.5223 log Nk - .3.8215)])* 

= 1/36.84 = 0.0271 

20. Calculate the two-phase friction factor: 

ft = fnJft/fns) = 0.0271(1.4447) = 0.0391 

21. Determine the distance AL for Ap = 500 psi from Equation 6-130 

AL= 

23.2(6.23)4.081 144 
50011 - 32.174 x 1.719.7 1 

L 4 

23.2(1.0)+ 0.0391( 118.3)6.23 
2( 32.174)O. 1662 

and 

_ -  A’ - 500 = 0.18 psi/ft 
AL 2,750 

Example 6 

Solve example 1 using the Beggs-Brill method 

q, = 40 MMscf/d, p, = 2,000 psia 

q,, = 40,000 stb/d, T, = 80°F 

ID = 9 in. SGp = 0.75 at p = 14.7 psia in T = 60°F 

Rp = 990 scf/bbl 

= 2,750 ft 
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Solution 

1. SG, = 141.5/131.5 + API = 0.86 
2. Calculate R,, Bo, pot p,, Zg at pav and T,: 

Z, = 0.685 

pg = 0.0184 cp 

R, = 477 scf/stb 

Bo = 1.233 rb/stb 

po = 2.96 cp 

3. Calculate yo and Y, at average parameters: 

350(0.86) +0.0764(477)(0.75) = 47.42 I w f t 3  

5.614( 1.233) Y o  = 

0.07Wgp(520) - - 0.0764(0.73)(2,000)(520) = 
Iwf t3  

Yg = (14.?)(T + 460)Zg (14.7)(80 x 460)(0.685) 

4. Calculate the in situ gas and liquid flowrates, 

3.27 X lo9 Zgqo (R - R, )( T + 460) 

P q g  = 

- - 3.27~10"(0.685)(40,000)(990- 477)(80+ 460) 
2,000 

= 1.241 ft3/s 

qL = 6.49 x 10" (qoBo + qwBw) 

= 6.49 x 10" [40,000(1.233) + 01 

= 3.201 ft3/s 

5. Calculate A,: 

6. Calculate the in situ superficial gas, liquid and mixture velocities: 

vL = q,/A, = 3.201/0.4418 = 7.25 ft/s 
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vsg = q/Ap = 1.241/0.4418 = 2.81 ft/s 

v,,, - - V~ + v ~ ,  7.25 + 2.81 = 10.06 ft/s 

Calculate the liquid, gas and total mass flux rates: 

G,  = pLvsL = (4'7.42)('1.25) = 343.6 lb/(s ft) 

G, = p,v,, = (10.96)(2.81) = 30.79 Ib/(s ft) 

G,,, = G, + G, = 343.6 + 30.8 = 374.4 lb/(s ft) 

Calculate the no-slip holdup: 

z0.72 
q L + q s  32+1.241 

Calculate the Froude number N,, the mixture viscosity pm and surface 
tension oL: 

pm = 6.27 x 10-4 [pLh + pg(i - h)] 

= 6.27 x 

= 1.44 x lb/(ft/s) 

[2.96(0.72) + 0.0184(0.28)] 

oL = 37.5 - 0.257(API) = 37.5 - 0.257(33) = 29.0 dyn/cm 

10. Calculate the non-slip Reynolds number and the liquid velocity number: 

0.25 

N, = 1.938vsL($] = 1.938(7.25)(47.42/29)0.*5 = 15.88 
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12. Determine flow pattern: 

Since 0.721 2 0.4 and L, < N, I L4 

Flow is intermittent. 
13. Calculate the horizontal holdup H,(O): 

H,(O) = ahb/Nc, = 0.845 x 0.721°~555'/7.1860~01m = 0.692 

14. Calculate \~r and HL(0) and two-phase specific weight: 

Since e = O", k = 1 + 0 = 1 

H,(O") = H,(O)h = 0.692 

7, = yLH, + r,Cl - HL) = 47.42(0.692) + 10.96(1 -0.692) 

= 36.19 lb/ft3 

15. Calculate the friction factor ratio: 

ln(y) = 0.4092 

S = ln(y)/[-0.0523 + 3,182 In y - 0.8725(1n y)* + 0.01853(1n y)' 

= 0.3706 

fJf, = e' = eoJ706 = 1.449 

16. Calculate the non-slip friction factor f,: 

f, = 1/{2 log[ReJ4.5223 log ReN - 3,8215)]1' 

= 1/(2 1og[195,000/(4.5223 log 195,000 - 3.8215)])2 

= 0.01573 

17. Calculate the two-phase friction factor: 

f, = f,(fJf,) = 0.01573(1.449) = 0.0227 

18. Calculate the pressure gradient: 

7tVmV.p (36.19)(10.06)(2.81) l-- 1- - (32.2)2,000( 144) -- - gp - AL. 
*~(144) yP sin e + - 0.0227(374.4)(10.06) tGmvm 36.19( 1)( 0) + 

2(32.2)(9/12) 2gd 

= 0.5646 
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AL AP 
P AL 
- = 81.3 or - = 1.23 x lo-* psi/ft 

because pressure is decreasing in flow direction to proper value of 
Ap/AL = -1.23 x lO-?si/ft. 

Summary 

In this work attention was paid only to five methods. These are flow regime 
maps, the Duns-Ros method, the Orkiszewski method, the Hagedorn-Brown 
method and the Beggs-Brill method. They are the most often used. However, it 
is necessary to point out that in literature [19,20,25,26,27] it is possible to find 
a lot of other methods. Large numbers of correlations indicate that this problem 
has not been properly solved so far. Pressure loss in pipe is a function of a few 
parameters. The most important are sort of fluid mixture, working temperature 
and pressure, pipe diameters and inclination. In practice the best way to evaluate 
methods is to make measurement of pressure drop distribution in wells or pipes, 
and, next, adjust a proper correlation. It means that for various oil-gas fields 
different methods could satisfy the above requirements. 

For production purposes pressure gradient is often evaluated based on 
Gilbert’s type curves. This method is not accurate, but still is used. 

NATURAL FLOW PERFORMANCE 

The most important parameters that are used to evaluate performance or 
behavior of petroleum fluids flowing from an upstream point (in reservoir) to 
a downstream point (at surface) are pressure and flowrate. According to basic 
fluid flow through reservoir, production rate is a function of flowing pressure 
at the bottomhole of the well for a specified reservoir pressure and the fluid 
and reservoir properties. The flowing bottomhole pressure required to lift the 
fluids up to the surface may be influenced by size of the tubing string, choke 
installed at downhole or surface and pressure loss along the pipeline. 

In oil and gas fields, the flowing systems may be divided into at least four 
components, as follow: 

1. reservoir 
2. wellbore 
3. chokes and valves 
4. surface flowline 

Each individual component, through which reservoir fluids flow, has its own 
performance and, of course, affects each other. A good understanding of the flow 
performances is very important in production engineering. The combined perfor- 
mances are often used as a tool for optimizing well production and sizing equipment. 
Futhermore, engineering and economic judgments can depend on good infor- 
mation on the well and reasonable prediction of the future performances. 

As has been discussed in previous sections, hydrocarbon fluids produced can 
be either single phase (oil or gas) or two phases. Natural flow performance of 
oil, gas and the mixture will therefore be discussed separately. Some illustrative 
examples are given at the end of each subsection. 
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Oil Flow Performances 

Inflow Performance 

Inflow performance represents behavior of a reservoir in producing the oil 
through the well. For a heterogeneous reservoir, the inflow performance might 
differ from one well to another. The performance is commonly defined in term 
of a plot of surface production rate (stb/d) versus flowing bottomhole pressure 
(P, in psi) on Cartesian coordinate. This plot is defined as inflow performance 
relationship (IPR) curve and is very useful in estimating well capacity, designing 
tubing string and scheduling an artificial lift method. 

For single-phase liquid flow, radial flow equation can be written as (for oil) 

1. semi-steady-state condition 

(6131a) 

2. steady-state condition 

(6-13 1 b )  

where q, = surface measured oil rate in stb/d 
k, = permeability to oil in md 
h = effective formation thickness in ft 
Pr = average reservoir pressure in psia 

P, = flowing bottomhole pressure in psia 

F, = oil viscosity evaluated at (P, + Pwr) in cp 
2 

(pr + pwr) in bbl/stb Bo= oil formation volume factor evaluated at 

re = drainage radius in ft 
rw = wellbore radius in ft 

s = skin factor, dimensionless 

- 
2 

Assuming all parameters but P, are constants in the equations above, it is 
also clear that flowrate q, is linearly proportional to flowing pressure P,. 
Therefore, for laminar flow the plot q,, versus P, on a Cartesian coordinate must 
be linear. This is illustrated in Figure 6-76. Strictly speaking, it shows the 
behavior of single-phase liquid flowing over the range of P, In actual cases, 
however, straight line IPR may be shown by reservoirs producing at Pr and P, 
above the bubble point pressure P,, and by strong water-drive reservoirs. 

Productivity index, usually denoted by the symbol J, is commonly expressed 
in practice for well performance. It is mathematically defined as 
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dq J = tane = -- 
dP 

0 Flow rate qmax 
Figure 6-76. Inflow performance relationship of single-phase oil reservoirs. 

(6-132) 

where J is in stb/d/psi. The term (P, - P,J is called pressure drawdown. Equa- 
tion (6-131a) or (6-131b) can be rearranged to be used in estimating well produc- 
tivity index. 

By knowing reservoir pressure P ,  it is possible to construct an oil IPR curve 
from a single flow test on a well. Or, due to the linearity of liquid IPR curves, 
by conducting a two-point flow test (two different flowrates while measuring 
the flowing bottomhole pressure) on a well, the static reservoir pressure can 
be determined. 

The equations discussed above are derived from the laminar Darcy’s law. In 
a case where turbulent flow occurs, a modified equation should be used. The 
occurrence of turbulence at the bottomhole may indicate too few open perfora- 
tions or too narrow fracture in fractured well or other incorrect completion 
method applied. All these bring about inefficient production operation because 
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the high drawdown encountered results in insufficient f lowrate. The symptom 
may be analyzed using the correlation of Jones et al. [30]: 

where 

l n z - - + s  r 3  
C =  0.007081z0h( rw 4 ) 

is called the laminar flow coefficient, and 

9.08 x 1 0 - ~ ~ p ~ 3 ,  D =  
4n2h2rw 

(6-1 33) 

(6-1 34) 

(6-135) 

is the turbulence coefficient, with p = the turbulence factor in ft-’ 
yo = oil specific weight in lb/ft3 

and other terms are the same as in the previous equations. The magnitude of 
the turbulent factor is in the order of and is usually negligible when 
compared with the laminar flow coefficient in most oil wells. But if this is not 
the case, plot (AP/q) versus q on a Cartesian coordinate paper. If the flow is 
fully laminar, then the plot has a slope of zero. But when turbulence is measur- 
able, the plot has nonzero positive slope, which also means that the productivity 
decreases as flowrate increases. 

to 

Predicting Future 011 Well IPR. Pertaining to our problem here dealing with 
single-phase oil flow in reservoirs, we always assume that gas does not develop 
over the whole range of flowing pressure at downhole. The consequence is that 
the following equations are valid for wells that produce only oil (and water). 

Recalling the radial flow equation for oil (Equation 6-131 for instance), we obtain 

(6-1 36) 

where q,is a theoretical possible maximum flowrate when Pd = 0. 
Assuming no changes in producing interval, skin factor and drainage radius 

occur during a period of time from present to the future, and also F, and Boare 
nearly contant over the whole range of pressure, the future possible maximum 
flowrate is 

(6-137) 
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Because no gas develops in the reservoir, the relative permeability to oil can 
be a function of water saturation. Figure 6-77 suggests the possibility of changes 
in oil inflow performance curves with time (te > tJ. 

Tublng Performance 

A tubing performance may be defined as the behavior of a well in giving up 
the reservoir fluids to the surface. The performance is commonly showed as a plot 
of flowrate versus flowing pressure. This plot is called the tubing performance 
relationship (TPR). For a specified wellhead pressure, the TPR curves vary with 
diameter of the tubing. Also, for a given tubing size, the curves vary with wellhead 
pressure. Figure 6-78 shows the effect of tubing size and wellhead pressure [31]. 

For single-phase liquid flow, pressure loss in tubing can be determined using 
a simple fluid flow equation for vertical pipe, or using some graphical pressure 
loss correlations where available with GLR = 0. 

Tubing performance curves are used to determine the producing capacity of 
a well. By plotting IPR and TPR on the same graph paper, a stabilized maximum 
production rate of the well can be estimated. Figure 6-78 shows the combined 
plots for determining the flowrate. The larger the diameter of tubing, the higher 
the flowrate that can be obtained. But there is a critical diameter limiting the 
rate, even lowering the well capacity. For a specified tubing size, the lower the 
wellhead pressure, the higher the production rate. 

Choke Performance 

A choke can be installed at the wellhead or downhole to control natural flow 
or pressure. Chokes are widely used in oil fields. Several reasons in installing 
chokes are to regulate production rate, to protect surface equipments from 
slugging, to avoid sand problem due to high drawdown or to control flowrate in 
order to avoid water or gas coning. 

There are two types of wellhead choke that are commonly used, positive 
chokes and adjustable chokes. A positive choke has a fixed size in diameter so 
that it must be replaced to regulate production rate. An adjustable choke permits 
gradual changes in the size of the opening. 

Placing a choke at the wellhead can mean fixing the wellhead pressure and 
thus flowing bottomhole pressure and production rate. For a given wellhead 
pressure, by calculating pressure loss in the tubing the flowing bottomhole 
pressure can be determined. If reservoir pressure and productivity index of the 
well are known, the flowrate can then be determined using Equation 6-132. 

The rate of oil flowing through a choke (orifice or nozzle) depends upon 
pressure drop in the choke, the inside diameters of pipe and choke and density 
of the oil. For incompressible fluids, the Equation 6-138 may be used to estimate 
the flowrate of oil: 

(6-1 38) 

where qo = oil rate in bbl/day 
C = flow coefficient as function of diameter ratio and Reynolds number 

(text continued on page 541) 

(see Figure 6-79) 
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Figure 6-78. Effects of tubing size and tubing head pressure on a well 
productivity. 
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(text continued f i m  page 537) 

A = cross-sectional area of choke in in.2 
AP = pressure drop across the choke in psi 
yo = oil specific weight in lb/ft3 

In installing a choke, the downstream pressure of the choke is usually 0.55 of 
the upstream pressure, or even less to ensure no change in flowrate or upstream 
pressure. This condition is called a sonic flow. A subsonic flow occurs when the 
upstream pressure or flawrate is affected by a change in downstream pressure. 

Flowline Performance 

After passing through a choke installed at the wellhead, the oil flows through 
flowline to a separator. If the separator is far from the wellhead and the pressure 
loss in the flowline cannot be neglected, pressure-f lowrate relationship for 
flowline can be generated similar to tubing performance curves. Usually the 
separator pressure is specified. Then by using pressure gradient curves available 
for horizontal pipes or using a simple horizontal fluid flow equation, the 
wellhead pressure or downstream pressure of the choke or intake pressure of 
the flowline can be determined as function of flowrate. This pressure-flowrate 
plot is useful in sizing the flowline. Figure 6-80 illustrates the relationship between 
the wellhead pressure and flowrate for some different flowline diameters. This 
plot is called flowline performance curve. 

Flow Rate (9) 

d l  

Figure 6-80. Flowline performance curves for different flowline diameters. 
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By plotting TPR in term of wellhead pressure for various tubing sizes and 
flowline performance curves on the same graph (see Figure 6-81), selecting 
tubing string-flowline combination for a well can be established based on the 
pipe's availability, production scheme planned and economic consideration. 

Example A 

Determination of oil inflow performance. 
Suppose two flowrates are conducted on an oil well. The results are as follows: 

Test 1 Test 2 

qo, stbld 200 400 
P,, psi 2400 1800 

Gas/oil ratios are very small. Estimate the reservoir pressure and productivity 
index of the well, and also determine the maximum flowrate. 

flowline 

tubing 

Flaw Rate (9) 

Flgure 6-81. Combined tubing-flowline performance curves. 
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Solution 

1. Plot the two data points on a Cartesian coordinate graph paper (qo versus 
P,,), see Figure 6-82. Draw a straight line through these two points, the 
intersection with ordinate is the estimated reservoir pressure which is about 
3,000 psi. 

2. The productivity index is 

2oo = 0.333 stb/d/psi 
= 3,000-2,400 

Figure 6-82. Pressure-rate relationship for Examples A and B on pages 542 
to 544. 
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3. The theoretical maximum flowrate is: 

sm = 0.333(3,000 - 0) = 1,000 stb/d 

Example B 

The well illustrated in Example A has vertical depth of 4,100 ft. Tubing string 
of 2* in. has been installed. The flowing pressure at wellhead is 210 psi. What 
is the stabilized oil rate achieved? 

Using Gilbert's correlation we obtain: 

91 db/d P,, Psi 

200 1,700 
400 1,695 
600 1,690 

Plot these values of q and Pw, on the same graph paper used for solving problem 
Example A above (see Figure 6-82). What we get is the TPR curve intersecting 
the IPR curve. This intersection represents the stabilized rate achieved, which 
is 435 stb/d. 

Example C 

The oil well of Example A is producing 25"API oil. If a positive choke with 
in. is installed at the wellhead, determine the pressure at the diameter of 

downstream of the choke. 

Solutlon 

141e5 x 62.4 = 56.42 1b/ft3 
= 131.5 + 25 

Rearranging Equation 6-138 and assuming that C = 1.0 

= 72 psi ( 10,285(1.0 435 )(O. 03758) 1' A€' = 56.42 x 

pdownsmam = (210 - 72) psi = 138 psi 

Gas Flow Performances 

As for oil wells, performance curves characterizing a gas production system 
are very useful tools used to visualize and graphically predict the effects of 
declining reservoir pressure, changes in tubular size, increasing water production 
or installing gas compressors. 
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Gas Inflow Performance 

A mathematical expression commonly used to relate gas flowrate and flowing 
bottomhole pressure is 

q = C(Pt - PL)” (6-139) 

where q = gas flowrate in Mscf/d 
Pr = shut-in reservoir pressure in psia 

C = stabilized performance coefficient, constant 
n = numerical exponent, constant 

Pd = flowing bottomhole pressure in psia 

Equation 6-139 was firstly introduced by Rawlins and Schellhardt [32] in 1935 
and is known as a back-pressure equation. From gas well test data, plotting q 
versus (Pf - PL) on a log-log graph will give a straight line passing through 
the data points, see Figure 6-83. This plot was made based on a stabilized four- 
point test. The information that can be obtained from this plot is the absolute 

1 10 
Gas Rate, MMSCFld 

loo 

Flgure 6-83. Stabilized four-point test and open flow potential of a gas well. 
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open flow potential (AOFP) of the well. This is defined as the theoretical 
maximum flowrate when flowing pressure at the sand face is zero. 

Determination of the exponent n and the coefficient C is given here using 
Figure 6-83 as follows. 

1. 
2. 
3. 

4. 

Choose two values of q arbitraril but separated one cycle each other. 

Calculate 
Read corresponding values of (P, r - P;). 

1% 92 - 1% 91 

log(P; - P;)2 - log(P: - P:)l n = l/slope = 

Choosing q, = 1 gives (P: - P$)l = 1.5 and qs = 10 gives (P: - P:)2 = 20%. 
Then 

log 10 - log 1 n =  = 0.877 
log 20.7 - log 1.5 

Rearranging Equation 6-139 we obtain 

C =  q =  10100~ o,m = 3.84 x lo" Mscf/d/psia2" 
(P: - P j ) "  (20.7 x 10 ) 

The AOFP of the well can then be calculated as 

AOFP = q,, = 3.84 x 10-'(5887' - 0*)0.877 = 7,585 Mscf/d 

= 7.585 MMscf/d 

From the graph, the AOFP = 7.6 MMscf/d 

The inflow performance relationship curve can be constructed by using the 
deliverability equation above. By taking some values of P, arbitrarily, the corre- 
sponding q's can be calculated. The IPR curve for the example here is shown 
in Figure 6-84. 

For situations where multipoint tests cannot be run due to economic or other 
reasons, single-point test data can be used to generate the inflow performance 
curve provided that a shutin bottomhole pressure is known. Mishra and Caudle [33] 
proposed a simple method for generating a gas IPR curve from just a singlepoint 
test data. Employing the basic gas flow in term of pseudo-pressure function, they 
developed a dimensionless IPR curve to be used as a reference curve. As an 
alternative, the dimensionless IPR equation to the best-fit curve is introduced 

(6-140) 

= AOFP in Msd/d 
= pseudo-pressure function for real gas and defined as 
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Gas Rate, MMSCFkd 

Figure 6-84. Inflow performance relationship for a gas reservoir. 

(6-141) 

where p = gas viscosity (function of P at isothermal condition) in cp 
Z = gas compressibility factor, dimensionless 

The use of pseudopressure function is quite complex. A numerical integration 
technique, however, can be applied to this problem. A detail example in applying 
this numerical technique can be found in a reservoir engineering textbook [34]. 
More recently, Chase and Anthony [35] offered a simpler method that is a 

modification to the Mishra-Caudle method. The method proposed involves 
substitution of real pressure P or Pp for the real gas pseudopressure function 
m(P). The squared pressure P' is used for pressures less than approximately 
2,100 psia, and the relevant equation is 
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(6-142) 

The real pressure P is suggested for pressures greater than approximately 2,900 
psia. By having the average reservoir pressure Pry and a single-point test data 
Pw, and q, it is possible to determine the AOFP and to generate the inflow 
performance curve: 

(6-143) 

For pressures ranging from 2,100 to 2,900 psia, the original Mishra-Caudle’s 
technique is recommended. 

Low-Permeability Well Tests. The requirement of the back-pressure method 
of testing is that the data be obtained under stabilized conditions. That means 
that the coefficient C of Equation 6-139 is constant with time. This coefficient 
depends on reservoir characteristics, extent of drainage radius and produced 
fluid characteristics. 

Wells completed in highly permeable formations stabilize quickly. As demand 
for gas increased over the years, wells were completed in less permeable 
formations. In wells of this type the stabilization period may be very long. 
Therefore, methods were needed that would permit testing of this type of well 
without undue waste of time. 

In 1955 M. H. Cullender described the isochronal method for determining 
flow characteristics [36]. The method is based on the assumption that the slope 
of performance curves of gas wells, exponent n of Equation 6-139, is indepen- 
dent of the drainage area. It is established almost immediately after the well is 
opened. However, the performance coefficient C decreases with time as the 
radius of drainage recedes from the well. When the radius reaches the boundary 
of the reservoir or the area of interference of another well, C becomes a constant 
and the flow is stabilized. 

Under the method the well is opened, the flow and pressure data are obtained 
at specific time intervals without changing the rate of flow. The well is then 
closed in until the shut-in pressure is reached, approximately the same as at the 
beginning of the first test. The well is the opened, produced at a different rate, 
and the pressure and flow data are collected. This procedure is repeated as many 
times as desired. 

Plotting of these data on log-log paper results in a series of parallel lines, 
the slope of which gives the coefficient n. This is illustrated in Figure 685. Rela- 
tionship of coefficient C and time for a gas well is illustrated in Figure 6-86. 

From these test and theoretical considerations different procedures have been 
developed that permit prediction of the coefficients of performance of gas wells 
produced from low-permeability formations. 

Predktlng Future IPR. Predicting the wells’ deliverability is important to be 
able to plan some changes required to maintain the production capacity. Here 
simple but reliable methods are introduced to forecasting future inflow per- 
formance gas wells. 
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Flgure 6-85. Isochronal performance curves of gas well no. 1. 
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Figure 6-86. Relationship of coefficient of performance and time of gas well no. 3. 

Accompanying Equation 6-140, Mishra and Caudle presented an empirical 
equation for predicting gas wells productivity [33]. The equation is 

(6-144) 

where subscripts f and p refer to future and present time, respectively. Later, 
Chase and Anthony [35] also proposed the simplified form of Equation 6-144 
by substituting real pressure for pseudo-pressure function. 
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To estimate the AOFP of a gas well, one does not have to run well tests as 
discussed above. An alternative method is to calculate bottomhole pressure, static 
and flowing, without running a pressure gage down into the well, by knowing 
pressures at the wellhead. The calculation of flowing bottomhole pressures will 
be discussed later. Below, the equations for calculating static bottomhole pressure 
are given. 

One of the most common methods in estimating static bottomhole pressure 
of a gas well is that of Cullender and Smith, which treats the gas compressibility 
factor as a function of depth [37]. If we divide the well by equal length, one 
can calculate the static bottomhole pressure as follows: 

1. Having a knowledge of static wellhead pressure, pressure at midpoint of 
the well is calculated by trial and error: 

H 
O.0375Gg- 2 = (P, - P,J(I, -I,) (6-145) 

where G = gas gravity (air = 1.0) 
€f = well depth in ft 

(6-146) 

Tms = absolute temperature at midpoint in OR 
Pm, = pressure at midpoint (assumed to calculate Z,,) in psia 
Zms = gas compressibility factor evaluated at Tms and Pm 
Pws = static wellhead pressure in psia 

(6-147) 

Tws = absolute temperature at wellhead in OR 
Z, = gas compressibility factor evaluated at T, and PW 

The problem here is to calculate Pm. If calculated P, = Pms assumed to 
determine Z,,, then calculation of bottomhole pressure is the next step. If 
not, use calculated P, to determine new Z, and again use Equations 6-146 
and 6-147 to calculate a new P,. Repeat this procedure until calculated 
Pm is close to assumed Pm. 

2. The same procedure is used, and the equation for static bottomhole 
pressure PbI is 

H 
8 2  

0.0375G - = (P, - Pm)(I, +I,) 

3. The very last step is to apply Simpson’s rule to calculate P,: 

(6-148) 

0.0375GgH = pb - (1, + 41, + Ibr) 3 (6149) 
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For wells producing some liquids, the gas gravity G, in Equations 6-145 and 6-148 
must be replaced by y-: 

G, + 4584G0/R 
1 + 132800G0/RM0 G, = (6-1 50) 

where G, = specific gravity of mixture (air = 1.00) 
G, = dry gas gravity 
Go = oil gravity 

M, = molecular weight of oil in lbm/lbmole 
R = surface producing gas-oil ratio in scf/stb 

The G, is then used to determine the pseudocritical properties for calculation 
of the compressibility factor. 

If water production is quite significant, the following equation may be used [38]: 

G, = 
1 + 132,800 0 + - [Lo 181R.) (6-151) 

where R, = producing gas/water ratio in scf/stb 

Tubing Performance 

In a gas well, tubing performance can be defined as the behavior of the well 
in producing the reservoir gas through the tubing installed. At a specified 
surface pressure, the flowing bottomhole pressure can be calculated by using 
an equation for vertical flow of gas. Katz presented the equation that is simple 
but valid only for dry gas [39]: 

qg = 200,000[ S D L  P: - e6PEh) 
G,TZHf(eB - 1) 

where q = gas flowrate in scf/d 
d = diameter of tubing in in. 
P, = bottomhole flowing pressure in psia 
P, = wellhead flowing pressure in psia 
G, = gas gravity (air = 1.0) 
T = average temperature in OR z = average gas compressibility factor 
H = vertical depth in ft 
f = friction factor = {210g[3.71/(&/D)])-* 
E = absolute pipe roughness, I 0.0006 in. 

s = 0.0375Gg H/Tz 

(6-152) 

(6-153) 
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The average temperature used in the Equation 6-152 is simply the arithmetic 
average between wellhzad temperature and bottomhole temperature. The gas 
compressibility factor Z is evaluated at the average temperature and the arith- 
metic average between the flowing wellhead and bottomhole pressures. This 
method is a trial-and-error technique, but one or two iterations is usually 
sufficiently accurate. 

By knowing all parameters in Equation 6-152 but qg and PW, the tubing 
performance curve (TPR) can. then be constructed. The use of TPR here is the 
same as discussed previously for oil wells. Figure 687 shows an idea of the effect 
of wellhead pressure on a well deliverability. A decrease in P,, thus an increase 
in flowrate, can be done by changing a choke/bean diameter to a bigger one. 

For a specified wellhead pressure, the flowing bottomhole pressure can be 
estimated as a function of flowrate and tubing diameter. Equation 6-152 can 
be used to do this. 

Flow Rate (9) 
Flgure 6-87. Effect of well head pressure on gas well deliverability. 
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In many cases gas wells produce some liquids along with the gas itself. The 
equations for dry gas should be modified to account for liquid content. One of 
the modifications presented in the literature was made by Peffer, Miller and Hill 
[38]. For steady-state flow and assuming that the effects of kinetic energy are 
negligible, the energy balance can be arranged and written as: 

where Pw, = flowing bottomhole pressure in psia 
Pwh = flowing wellhead pressure in psia 

F2 = 2666.5fQ' 

d = inside diameter of tubing in in. 
f = friction factor, dimensionless 

Q = flowrate, MMscf/d 

d5 

(6-154) 

(6-155) 

Evaluation of friction factor f depends on the stream fluids in the well. For 
single-phase (dry gas) and fully developed turbulent flow with an absolute 
roughness of 0.0006 in., Cullender and Smith [37] suggested the use of 

= 0*10797Q d2.612 for d < 4.277 in. 

and 

= 0.103s7Q d2.582 for d > 4.277 in. 

(6-156) 

(6-157) 

When some liquids are present in the flowing stream Peffer et aZ. suggested 
the use an apparent roughness of 0.0018 instead of using an absolute roughness 
of 0.0006. Also, adjustment in specific gravity of the fluids should be made by using 
Equations 6-150 or 6-151. Applying these adjustments, the method of Cullender 
and Smith may be used for a wide range of gas-condensate well condition. 

However, whenever the Reynold's number for a specific condition can be 
calculated and pipe specifications are available, the friction factor can then be easily 
determined to be used for pressure loss calculations. Equations 6-158 and 6-159 
can be used to calculate the Reynold's number and friction factor, respectively: 

2001 lG,Q 
Re = 

P P  

1 - =  
& 

(6-158) 

(6-159) 
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where Re = Reynolds number 
G = gas gravity (air = 1.00) d = gas flowrate in MMscf/d 
p = gas viscosity in cp 
di = inside diameter of pipe in in. 
E = absolute roughness in in. 
f = friction factor, dimensionless 

For a well divided in equal lengths the upper half of the well has a relation 

(6-160) 
H 
2 

37.5Gg- = (Pw - Pm)(Iw + IwH) 

where P, = flowing pressure at midpoint in psia 
P, = flowing wellhead pressure in psia 

I = (P/TZ)/[Fs + (P/TZ)*] 
F = shown in Equation 6146 
H = well depth in ft 

and the lower half of the well has the relation 

37.5Gg - H = (P, - Pw)(Iw + I w )  (6-161) 
2 

where Pw = flowing bottomhole pressure in psia 
After trial and error as previously discussed, Simpson’s rule applies: 

37.5GgH = pWF - pwH (1, + 41, + IWF) 3 
(6-162) 

Choke Performance 

Chokes or beans are frequently installed in gas wells. These restrictions can 
be at the surface or at the subsurface. A surface choke is usually installed for: 

1. regulating production rate 
2. maintaining sufficient back pressure to avoid sand production 
3. protecting surface equipment from pressure surge 
4. preventing water coning 
5. obeying regulatory bodies 

Subsurface restrictions can be a tubing safety valve, a bottomhole choke or a 
check valve. A tubing safety valve functions to stop flowstream whenever the 
surface control equipment is damaged or completely removed. A bottomhole choke 
is installed if low wellhead pressure is required or freezing of surface control 
equipment and lines are expected. A check valve is installed to prevent backflow 
of an injection well. Basically there are two types of flow conditions: subsonic or 
subcritical flow and sonic flow. The criteria to distinguish subsonic from sonic 
flow has been discussed previously in the section titled “Choke Performance.” 

For subsonic flow, the following equation given by Nind can be used to calcu- 
late gas flowrate [40]. 
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Q = 1248CAP. (6-1 63) 

where Q = gas flowrate in Mcf/d 
C = discharge coefficient, = 0.86 
A = cross-sectional area of choke or restriction in in.' 
Pu = upstream pressure in psia 
P, = downstream pressure in psia 
Gg = gas gravity (air = 1.00) 
Tu = upstream temperature in O R  

k = specific heat ratio, CJC, 

Equation 6-163 shows that subsonic flow is affected by upstream and down- 
stream pressure. 

In critical or sonic flow, gas flowrate depends only on upstream pressure as 
shown as 

1.5 

(6-164) 

where Q = flowrate in Mcf/d 
C = discharge coefficient 
A = choke area in in.' 
Pu = upstream pressure in psia 
Tu = upstream temperature in OR 
Gg = gas gravity (air = 1.00) 

k = specific heat ratio 

The discharge coefficient C can be determined using Figure 6-79 by having 
and Reynold's number. Reynolds number may a knowledge of diameter ratio 

be calculated using the following equation: 

20.01 1QG 
Re = 

PBd 
(6-1 65) 

where Q = gas flowrate in Mcf/d 
G, = gas gravity (air = 1.00) 
p = gas viscosity, evaluated at upstream pressure and temperature in cp 
d = internal diameter of pipe (not choke) in in. 

Gas flow through restriction (orifice) may also be estimated using Figure 6-88. 
For conditions that differ from chart basis, correction factors are required. A gas 
throughput read from the chart must be multiplied by the proper correction factor, 

Q = Gas throughput x O . O 5 M m ,  Mcf/d (6-1 66) 

where T is the absolute operating temperature in OR. 
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U p h n  p r m  in 100 pd# 

Figure 6-88. A correlation for gas flow through orifice [41]. 

Flowline Performance 

For a single-phase gas flaw, pressure-rate relation may be obtained from a 
known Weymouth equation, 

where Q = gas flowrate in scf/d 
T, = base temperature in "R 
P, = base pressure in psia 
P,, = upstream pressure in psia 
P, = downstream pressure in psia 
d = inside diameter of pipe in in. 

T = average flow line temperature in OR 
z = average gas compressibility factor 
L = pipe length in mi 
E = pipe line efficiency, fraction 

= gas gravity (air = 1.00) 
- 

or the modified Panhandle (Panhandle B) equation (for long lines), 

1.02 a510 

TZLGig6' 
Q = 7 3 7 ( 2 )  [ - Pf -Pi ) d4.?E 

(6-167) 

(6-168) 
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with terms and units the same as in the Weymouth equation. 
The pipeline efficiency E depends on flowstream and pipeline conditions. A 

gas stream may contain some liquids; the higher the liquid content, the lower 
the line efficiency. The pipeline may be scaled, or condensate-water may 
accumulate in low spots in the line. Ikoku presents the information about line 
efficiency as shown below [41]. 

Type of llne Liquid Content E (WWW 

Dry-gas field 
Casing-head gas 
Gas and condensate 

0.1 
7.2 

800 

0.92 
0.77 
0.60 

This gives an idea in estimating E for a particular condition. 

Example A [33] 

A gas well was flowed at a rate of 7.20 MMscf/d. The stabilized sandface 
pressure at the end of the flow test was 1,155 psia, and the current average 
reservoir pressure was estimated to be 1,930 psia. Determine the following 
parameters using modified Mishra-Caudle's method 

(a) AOFP at current conditions (P, = 1,930 psia) 
(b) deliverability at Pw, = 1,000 psia 
(c) AOFP at a future average pressure Prr = 1,600 psia 
(d) deliverability at a future p, = 1,155 psia 

Solutlon 

The readers may refer to the original paper. Here the modified one is given. 
(a) For a pressure less than 2,100 psia, Equation 6-142 is used. 

AOFP = q- = 7' MMsd/d = 8.94 MMscf/d 

(b) q 

= 7.73 MMscf/d 
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(AOFP), = 

= 6.96 MMscf/d 

(d) Again use Equation 6-142: 

= 4.675 MMscf/d 

Example B 

The following data are obtained from a producing gas well. 

Gas gravity = 0.65 
Well depth (vertical) = 6,000 ft 
Wellhead temperature = 570"R 
Formation temperature = 630"R 
Flowing wellhead pressure = 1,165 psia 
Flowrate = 10.0 MMscf/d 
Tubing ID = 2.441 in. 
Pseudocritical temperature = 374"R 
Pseudocritical pressure = 669 psia 
Absolute roughness = 0.00065 

Calculate the following bottomhole pressure using Equation 6-152 

Solutlon 

Rearranging Equation 6152 we obtain 

q: G,?%If(e' - 1) 
4 x 10'0 SD5 

Assume Pd = 2,000 psia: 
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+ z = 0.848 

pP, = - 1'582m5 - - 2.365 
669 

600 pT, = - = 1.064 
374 

S = 0.0375( 0.65)( 6,000)/( 600)( 0.848) = 0.287 

f = 210g 37 - { [ /(0223]r 

= 1,666 psia (CC 2,000 psia assumed) 

Assume 2nd Pw, = 1,666 psia: 

pP, = - 141m5 - - 2.116 
669 1 + ?! = 0.857 

pT, = 1.604 1 
S = 0.0375(0.65)(6,000)/(600)(0.85'7) 

P, = 1.666.7 psis(= 1,666 psia assumed) 

To construct the tubing performance curve for a specific Pwh, some other values 
cf q, can be chosen and calculate for Pw, using the same procedure. To simplify, 
Z could be kept constant so that no more trial and error. 

Example C 

Suppose the gas well in the example B is produced through a flowline of 2.5 in. 
in diameter and 1,250 ft long. The average operating temperature is 10O0F. 
Additional data given are specific heat ratio, k = 1.3 and the estimated gas 
viscosity at the operating condition, cr, = 0.0131 cp. 

Find the positive choke size required for critical condition, and the pressure 
at downstream of the flowline. 

Solution 

(1) For a critical flow, Equation 6164 can be used. 
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[ k [ 2 )=I5 
Q = 8 7 9 x C x A x P U  - - 

G,T, k + 1 

= 27,881Cdk (Mscf/d) = 8 7 9 x C x E d k  ~ 1 1 6 5  [ 1.3 [ 2 )=I5 
4 0 . 6 5 ~ 5 7 0  1.3+1 

2 0 ~ 1 0 , 1 0 0 ~ 0 . 6 5  = 4.01x106 Re = 
0.013x2.5 

Assume a diameter choke, such that d, = 0.7 in. Use Figure 6-79 to find 
coefficient C: 

For Re = 4.01 x lo6 and fi = 0.28, C = 0.998, so 

Q = 27,881 x 0.998 x (0.7)' = 13.63 MMscf/d. 

If we assume another choke size, let dc, = 0.6 in.: 

p = - =  0.24 + C = 0.997 
2.5 

Q = 27,881~0.997~(0 .6) '  = 10.0 MMsd/d 

(2) For a critical flow, we may assume (Pd) = 05(Pu)- Let's take Tb = 530"R 
and Pb = 15 psia. Then using Equation 6-1Swith E = 0.92, 

(0.65)( 560)( .)( 2) 
= (y)' - ( 107/o.92)* 5280 = 339,306 - 327,4222 

15,317 (2.5)lqs 

Assume that Pd = 200 psia to find e such that 

- 200+(0.5 X 1165) = 391.2 psis P =  
2 
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+ z = 0.939 

391.25 
669 

pP, = - = 0.585 

560 pT, = - = 1.497 
374 

P: = 339,306 - 327,422 x 0.939 

P, = 178.5 psi(# Pk = 200 psia) 

Assume now that P, = 178.5 psia such that 

- 178.5+(0.5~1165) = 380.5 psis P =  
2 

+ -Z = 0.940 
380.5 
669 

pP, = - = 0.569 

pT, = 1.497 

P: = 339,306 - 327,422 x 0.940 

P, = 177.5 psis(= Ph = 178.5 psia) 

Two-Phase Flow Performance 

Two-Phase Inflow Performance 

When a reservoir pressure is below the bubble point pressure, the simple 
equation of inflow performance (e.g., the productivity index is constant) is no 
longer valid, because at this condition the oil flowrate will decline much faster 
at increasing drawdown than would be predicted by Equation 6-131 or 6-132. 
An illustrative comparison of the two types of IPR is shown in Figure 6-89. 

Vogel’s Method. The well-known inflow performance equation for two-phase 
flow has been proposed by Vogel [42]. The equation is 

(6-169) 

which fits a general dimensionless IPR shown in Figure 6-90. The reference 
curve and Equation 6-169 is valid for solution gas drive reservoir with reservoir 
pressures below the bubble point. The formation skin effect is not taken into 
account. The method is originally developed with flowing efficiency FE = 1.0. 
However, for a given well with any FE known, Equation 6169 or the reference 
curve may be used to generate the IPR curve. 
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Flow Rate (4) 

Figure 6-89. Illustrative comparison of liquid and two-phase IPR curves. 

For reservoir pressures above the bubble point but with flowing pressures 
below the bubble point, the constant J equation and Vogel’s equation can be 
combined to estimate the IPR curves. The equation is 

The maximum flowrate q, is calculated using the following equation: 

where qo = oil flowrate in stb/d 
q- = the theoretical maximum flowrate when P, = 0 in stb/d 

q, = oil flowrate at P, = P, in stb/d 
P, = bubble point pressure in psia 
Pw, = flowing bottomhole pressure in psia 
Pr = average reservoir pressure in psia 

(6170) 
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monuaw RATE (pd(qbhd OF WUMUY 

Figure 6-90. A general dimensionless IPR for solution gas drive reservoirs 
[421. 

(6-1 7 1) 

The productivity index J is determined based on the flowing bottomhole pressure 
of the test: 

(6-172) 

(6-173) 



564 Production 

where M = 1 - 0.2(Pwf)/P,) - 0.8(PwJPr)* 
p, = (PWf)te5t 

The qb is calculated using Equation 6-132 with P, = P, 

Fetkovich Method. Analyzing isochronal and flow-afterf low multipoint back- 
pressure tests conducted on oil wells, Fetkovich found that back-pressure curves 
for oil wells followed the same form as for gas wells [43]; that is 

qo = J;(P: - (6-1 74) 

where J; = back-pressure curve coefficient, stb/d/(psia)'" 
n = back-pressure curve exponent or exponent of inflow performance 

curve 

The plot of qoversus (Pt - PL) on log-log paper is considered as good as was 
obtained from gas well back-pressure tests. Conducting a multipoint back 
pressure test on a well, Equation 6-174 can be used to predict the IPR curve 
for the well. 

Figure 691 shows a comparison of IPRs for liquid, gas and two-phase (gas and 
liquid). Fetkovich reported that Vogel's equation yields n = 1.24 (see Figure 6-92). 

For reservoir pressures above bubble point pressures, the inflow performance 
curves can be constructed using the following equation: 

The maxjmm flowrate of a well can be determined using the following equation: 

(6-1 76) 

Modlfled Standing's Method. Vogel's reference curve is originally derived for 
undamaged or unformulated wells. In other words, the curve is only valid for 
wells with skin factor s = 0. Later, Standing presented a set of companion curves 
that can be used to predict IPR curves for damaged or stimulated wells [44]. 
His method is based on the definition of single-phase flow efficiency. In fact, 
solutiones drive reservoirs producing oil at Pw, < Pb and /or Pr < P, have inflow 
performance of two-phase flow. The IPR of this type of reservoirs have been 
shown to have quadratic forms as suggested by Vogel and Fetkovich. 

Camacho and Raghavan found that Standing's definition of flow efficiency 
is incorrect to be used in two-phase flow behavior [45]. It is suggested that the 
definition of flow efficiency must also reflect the quadratic form of the inflow 
performance equation. This is expressed by 

(6177) 

where FE = flowing efficiency 
V = quadratic curve factor (V = 0.8 for Vogel and V = 1.0 for Fetkovich) 
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Pressure 

Flgure 6-91. Pressure gradients of flowing liquid and liquid-gas mixture. 

P:, = ideal flowing bottom hole pressure (e.g., when skin factor s = 0) in 

Pw, = actual flowing bottomhole pressure in psia 
psia 

Pr = average reservoir pressure in psia 

The flowrate when FE # 1.0 can be calculated using 

(6-178) 

where q E o  = maximum flow rate for undamaged/unstimulated well or when 
FE = 1.0 
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Figure 6-92. Inflow performance relationship for various flow equations [43]. 

Predlcting Future IPR. Predicting future well deliverability is frequently needed 
in most oil fields. Some of the many reasons are 

to estimate when the choke should be changed or adjusted to maintain the 

to predict well capability and evaluate if the tubing has to be changed 
to do planning for selecting future artificial lift methods 
to do planning reservoir pressure maintenance or secondary recovery project 

production rate 

Some prediction methods available in the literature are discussed. 

Standing’s Method [e]. The method has been developed based on Vogel’s 
equation, the definition of productivity index and the assumption that the fluid 
saturation is to be the same everywhere in the reservoir. Three basic equations 
presented are 

(6-179) 

(6-180) 

where J* = productivity index at zero drawdown in stb/d/psi 
k, = relative permeability to oil, fraction 
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p0 = oil viscosity in cp 
Bo = oil formation volume factor in bbl/stb 

and subscript p and f refer to present and future conditions, respectively. The 
relative permeability to oil is at corresponding oil saturation in the reservoir. 
A method for determining oil saturation and k, may be found in the reservoir 
engineering chapter. In the example presented by Standing, Tarner’s method 
was used and k, was evaluated using Corey-type relationship: 

(6-182) 

where Sor = residual oil saturation, fraction 

Comblned Fetkovich-Vogel Method. Fetkovich suggested that a future well 
deliverability may be estimated by the relation J;/Ji = (Pr)f/(Pr)p. Recalling 
Equation 6-174 and taking n = 1 we can write 

Swc = connate water saturation, fraction 

or 

(6-183~) 

(6-1833) 

After calculating the maximum flowrate using Equation 6-1833, the inflow 
performance curve into future can be constructed using Vogel’s equation. This 
method is valid only for undamaged wells. 

Unified Method. Recently Kelkar and Cox proposed a new method for predicting 
future IPR [47]. This method is a result of unification of some methods 
discussed previously. The relationship suggested can be applied to any of the 
referenced methods. Two sets of data points (each at different average reservoir 
pressure) are required to predict the future inflow performance curve. The 
procedure is as follows: 

1. Calculate the maximum flowrate (e, or k,) for both tests conducted 

2. Calculate J*: 
using the reference method (Vogel, Fetkovich or Modified Standing). 

3. Determine constants 

(6-184) 

(6-185) 
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(6-186) 

4. Calculate the maximum flowrate of the corresponding future pressure (9); 

5. Construct the future inflow performance curve using the reference inflow 
performance equation used in Step 1 above for reservoir pressure (Pr)f and 
the maximum flowrate calculated in Step 4. 

Tubing Performance 

The problem of simultaneous flow of oil, gas and water through the vertical 
tubing of an oil well is complex. The fluid is a compressible mixture, its density 
increasing with depth. The gradient line has a distinct curvature (see Figure 691). 
Along the gradient line of a given well different flow regimes occur, which may 
range from a mist flow in the region of low pressures to a single-phase flow at 
the pressures when all gas is in the solution. 

The knowledge of tubing performance of flowing wells is important for 
efficient operations. Present and future performance of the wells may be 
evaluated. This may suggest changes in operating practices and equipment to 
prolong the flowing life of a well. Figures 6-93 and 6-94 show the idea of the 
effects of tubing size and a change in IPR on a well performance, respectively. 

For a given wellhead pressure, flowing bottomhole pressure varies with 
production rate. Plotting these two flowing parameters on a Cartesian coordinate 
will give a curve called tubing performance relationship (TPR). By plotting TPR 
and IPR of an oil well on a graph paper, the stabilized production capacity of 
the well is represented by the intersection of the two curves (see Figure 6-93). 

To construct a TPR curve for a given well, the fluids and well geometry data 
should be available. The section titled “Flow of Fluids” provides some good 
multiphase flow correlations that can be used. In cases where these data and 
accessibility to computer are limited, a graphical flowing gradients correlation 
is needed. In fact, many improved graphical correlations covering a broad range 
of field conditions are available in the literature. The readers may refer to 
Reference 48 to get a complete set of flowing gradient curves. Sometimes a 
different company has a different set of curves. Although the best correlation 
is available, a particular field condition might have specific well characteristics 
such as salt or asphaltene deposition in the tubing or severe emulsification that 
may bring about a higher pressure drop than would be estimated from existing 
graphical correlations. The discrepancy might be used for analyzing the wells. 
So, it is recommended that a good multiphase flow equation be used instead 
of a graphical correlation. 

For convenience, however, a set of working curves developed by Gilbert [49] 
is presented for illustrating their use in solving well performance problems. The 
curves are shown in Figures 6-95 through 6-106, and available only for small 
flowrate (50-600 stb/d) and tubing sizes of 1.66, 1.90, 2.375, 2.875 and 3.50 in. 

The procedure how to use these flowing gradient curves in production 
engineering problems is given in the example later. 
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Flaw Rate (9) 

Figure 6-93. Effect of tubing size on oil well deliverability. 
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Flgure 6-94. Effect of changes in inflow performance on oil well productivity. 
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Use of Vertical Pressure Gradients. In the preceding section of single-phase 
flow performances, the functions of vertical flow performance curves have been 
discussed. The following is a more detailed discussion on the applications of 
pressure gradients in analyses of flowing well performance. Accurate well test 
data, obtained under stabilized flow conditions, are needed for such analyses. 

Subsurface Data. With flowing tubing known and well test data available, the 
flowing bottomhole pressure for a given rate of production can be determined 
by calculating the flowing pressure gradient to the bottom of the well. 

If the static bottomhole pressure is known, the productivity index of the well 
can be determined from one production rate by determining the flowing 
bottomhole pressure for the rate of production. 

If only surface data are available, the productivity index of the well may be 
estimated by determining the flowing bottomhole pressures for two or more 
rates of production. 

Tubing Size. As stated, the size of the tubing is one of the important parameters 
affecting the pressure gradients. For low velocity the slippage of gas by the liquid 
contributes to the pressure losses. For high velocities friction becomes the 
controlling factor. Between these two extremes there is a range of velocities 
giving the optimum gradient at the inlet of tubing in the bottom of the well. 

If the future range of expected rates and gas/oil ratios can be estimated, 
selection of the tubing size can be made, which would assure operation within 
the efficient range of the gradients, with the resulting increase in the flowing 
life of the well. Such selection can be made by calculating gradients for different 
tubing sizes for a given set of conditions. 

Water Content. As the gas/oil ratio decreases, the flowing gradients, of course, 
increase, other conditions being equal. This is clearly illustrated in Figure 6-95, 
for example. As the water content of the produced fluid increases, the overall 
gas/liquid ratio decreases. If the future behavior of the water content increase 
can be estimated, future behavior of the well can be evaluated. 

Wellhead Pressure. To a degree, the wellhead pressure is controllable because 
it depends, among other things, on the size, length and geometry of flow lines 
and on the separator pressure. At the same time the wellhead pressure has a 
marked effect on the slope characteristics of the gradient because of the question 
of density which is involved. For a given reduction of the wellhead pressure the 
reduction of the bottomhole flowing pressure may be substantially higher. This 
is particularly true in case of high-density flow. 

The reduction of the bottomhole flowing pressure should result in increase 
of production. It can be seen from the above that the degree of this increase 
cannot be estimated from the surface data alone. It can be estimated if infor- 
mation is available also on the flowing gradient and the productivity index of 
the well. 

Predicting the Flowing Life. The natural flow of an oil well continues as long 
as there exists a proper balance between two conflicting pressure requirements 
at the bottom of the well. First, this pressure must be sufficiently high to sustain 
the vertical lift. Second, it must be sufficiently low to create a pressure dif- 
ferential that permits the reservoir fluids to enter the well. 

This balance may be destroyed by either one or a combination of two sets of 
conditions: (1) increase in flowing pressure gradients, for any of the reasons 
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mentioned above, increases the lift pressure requirements above the point needed 
for maintaining the pressure differential with the available reservoir energy, or 
(2) the declining reservoir energy is not able to maintain this differential for 
the required vertical lift pressure. In either case the natural flow of the well 
either declines to an uneconomical rate or ceases completely. 

The uses of the flowing pressure gradients discussed above may be applied 
to estimating the length of the flowing life of a well. Additional information 
needed are the estimate of the static bottom hole pressure of water encroach- 
ment, and of gas/oil ratio behavior at different future stages of the cumulative 
production of the well. Graphic methods have been developed for making 
such estimates. 

Choke Performance 

The reasons involved in installing chokes in oil and gas fields have been 
mentioned before. The graphical correlations and empirical or semiempirical 
equations used for single-phase oil or gas are not valid for two-phase conditions. 

The correlations for multiphase flow through chokes have been published but 
not one of them gives satisfactory results for all ranges of operating conditions 
(flow parameters). Theoretically, the correlations are developed with the assumption 
that the simultaneous flow of liquid and gas is under critical flow conditions 
so that when an oil well choke is installed fluctuations in l i e  pressure is gradually 
increased, there will be no change in either the flowrate or the upstream 
pressure until the critical-subcritical flow boundary (Pdownsmam z 0.5-0.55Pupmeam) 
is reached. 

In more oil fields, the most popular correlations are of Gilbert [49] and 
Poetmann and Beck [50]. Ashford [51] also developed a correlation for multi- 
phase flow through chokes. 

Gilbert's Correlation. The equation developed to estimate a parameter of fluid 
flow through the orifice is 

(6-188) 

where Pwh = wellhead pressure in psig 
R = gas/liquid ratio in Mscf/stb 
q = gross liquid rate in stb/d 
d = choke (bean) size in & in. 

This equation is derived using regularly reported daily individual well production 
data from Ten Section Field in California. Gilbert noted that an error of & in. in 
bean size can give an error of 5 to 20% in pressure estimates. In the type of 
formula used, it is assumed that actual mixture velocities through the bean 
exceed the speed of sound, for which condition the downstream, or flowline, 
pressure has no effect upon the tubing pressure. Thus, the equation applies for 
tubing head pressure of at least 70% greater than the flowline pressure. 

Poetmann-Beck's Correlation. F. H. Poetman and R. L. Beck developed charts 
for estimating flow of oil and gas through chokes [50]. The charts, shown in 
Figures 6105 through 6107, relate the variables of gas/oil ratio, oil production 

(text continued on page 585) 
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Gradient Pressure in PSI 
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Figure 6-96. Flowing pressure gradients for 2.875-in. tubing with rate of 
100 bpd. 
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Gradient Pressure in PSI 
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Figure 6-97. Flowing pressure gradients for 2.875-in. tubing with rate of 
200 bpd. 
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Gradient Pressure in PSI 
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Figure 6-98. Flowing pressure gradients for 2.875-in. tubing with rate of 
400 bpd. 
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Gradient Pressure in PSI 
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Flgure 6-99. Flowing pressure gradients for 2.875-in. tubing with rate of 
600 bpd. 



Figure 6-100. Flowing pressure gradients for 1.66-in. tubing with rate of 50-400 bpd. 
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Figure 6-101. Flowing pressure gradients for 1.90-in. tubing with rate of 50-400 bpd. 
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Figure 6-102. Flowing pressure gradients for 1.90-in. tubing with rate of 600 bpd and 2.375-in. tubing with rate of 50-200 bpd. 



Figure 6-103. Flowing pressure gradients for 2.375-in. tubing with rate of 400-600 bpd and 3.5-in. tubing with rate of 50-100 bpd. 



Figure 6-104. Flowing pressure gradients for 3.5-in. tubing with rate of 200-600 bpd. 
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Figure 6-105. A correlation for two-phase flow through chokes with oil gravity of 20OAPI. 
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Figure 6-106. A correlation for two-phase flow through chokes with oil gravity of 30"API. 
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Rs - Gas Oil Ratio - Cubic Feet Per Barrel 

Figure 6-107. A correlation for two-phase flow through chokes with oil gravity of 40"API. 
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(text continvcd horn page 571) 

rate, tubing pressure and choke size. With three of the variables known, the 
fourth can be determined. The charts are valid only under following conditions: 

1. 

2. 

The flow is a simultaneous, two-phase flow of oil and gas. The charts are 
not valid if water is present. 
The flow through the choke is at the critical flow conditions; that is, at 
acoustic velocity. This occurs when the downstream (flowline) pressure is 
0.55 or less of the upstream (tubing) pressure. Under such conditions the 
rate of flow is not affected by downstream pressure. 

Actually, this last limitation is of small practical significance since chokes are 
usually selected to operate at critical flow conditions so that well's rate of flow 
is not affected by changes in flowline pressure. 

The manner of use of charts is as follows: 

1. The 20", 30", and 40"API gravity charts can be used for gravity ranges of 
15" to 24", 25" to 34" and 35" and up, respectively. 

2. When the starting point is the bottom scale, a vertical line is drawn to 
intersection with tubing pressure curve, then horizontal line to intersection 
with the choke size, then vertical line to the upper scale. Reverse procedure 
is used when the upper scale is the point of beginning. 

3. Performance of a given size choke for a given gas/oil ratio can be plotted. 
Such plot would show relationship between different rates and corresponding 
tubing pressures for a given choke. 

4. Free gas in tubing can be estimated by use of charts. For instance, in case 
of Figure 6-107 for 2,250 ft3/bbl gas/oil ratio, 1,265 psi tubing pres- 
sure and + in. choke, the rate was found to be 60 bbl/day. For 1,265-psi 
tubing pressure the solution gas is 310 ft5/bbl. Therefore, the free gas is 
2,250 - 310 = 1,940 ft3/bbl. 

The results obtained by use of these charts compared very favorably with 
observed data obtained on 108 wells covering wide ranges of conditions. 

Ashford's Correlations. Ashford developed a model for multiphase flow 
through choke by applying the polytropic expansion theory [51]. The final form 
of his equation is 

Cd*P, [(T,z,(R- ~ , )+151~ , ) ] ' *  
qo = 1.53 (Bo + WOR)" T,Z,(R-R,)+lllP, 

[Go + 0.000217GgR, + (WOR)G,]'* 
Go + 0.000217GgR + (WOR)G, 

X- 

(6-189) 

where q, = oil flowrate in stb/d 
C = orifice discharge coefficient 
d = choke diameter in & in. 

Pu = upstream choke pressure in psia 
Bo = oil formation volume factor in bbl/stb 
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WOR = water/oil ratio 
R = producing gas-oil ratio at standard condition in scf/stb 
R, = solution gas-oil ratio at choke condition, scf/stb 
TU = upstream choke temperature in OR 
Zu = gas compressibility factor evaluated at upstream conditions 
Gg = gas gravity (air = 1.00) 
Go = oil gravity (water = 1.00) 
Gw = formation water gravity (water = 1.00) 

Ashford stated that once C (discharge coefficient) has been fairly well defined 
for a given production province or operation the Equation 6-189 may be used 
in a conventional manner to evaluate (1) flowrates arising from changes in choke 
sizes, (2) wellhead pressures arising from changes in choke sizes and (3) choke 
sizes necessary to achieve a given wellhead pressure for a known liquid rate. If 
C is unknown, a value of 1.0 may be used to obtain a reasonable estimate of 
choke performance. Later, based on an extensive study, Sachdeva et al. recom- 
mended that C = 0.75 be used for a choke configuration involving an elbow 
upstream from the choke, and C = 0.85 be used for a choke free of upstream 
disturbances [52]. 

Flowllne Performance 

Understanding the behavior of multiphase fluids flow in horizontal or inclined 
pipe is important too because the efficiency of a producing system is accom- 
plished by analyzing all components through which the fluids flow. In the 
analysis a flowline may be considered as a restriction because higher pres- 
sure loss resulted. For instance, for a given set of fluids data 2.5-in. line causes 
higher pressure loss when compared with 3 and 4-in. line so one tends to take 
the larger size to produce more oil. The diameter, however, should not be 
oversized because additional slugging and heading may occur. Some operators 
just add a parallel line instead of replacing the current line with a larger size. 
It should be remembered that production capacity, pipes availability, separator 
pressure and other constraints may be involved in judging a final design of 
producing system. 

The knowledge of pressure-f lowrate relationship is very useful in designing 
an efficient flowing system. The procedure used to generate a flowline per- 
formance for a given set of fluids .data and a given diameter of the pipe is 
similar with the one for single phase. No pressure loss correlations for horizontal 
or inclined pipes are given. The reader can, however, find some good correla- 
tions in the section titled “Flow of Fluids.” 

Example A 

Consider an oil reservoir producing at an average reservoir pressure below 
PI = 2,400 psi, which is the bubble point pressure. A single-point flow test 
conducted on a well at stabilized Condition resulted in q = 500 stb/d and P, = 250 
psi. Measured GOR is 400 scf/stb. The well of total depth of 7,000 ft is 
produced through 2 +-in. tubing. Find (1) the maximum rate possible assuming 
P, = 200 psi, and (2) the productivity index for the condition corresponding 
to the maximum possible flowrate. 
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Solution (assume FE = 1.0) 

(1) 

1. Using Vogel’s equation, calculate q,, 

q- = 515 stb/d (= oil AOFP) 

2. Choose some values of P, and determine 
equation 

orr sponding q’s using Vogel’s 

500 
800 

1200 
1500 
2000 
2400 

476 
435 
36 1 
290 
143 

0 

Plot Pd versus q to get the IPR curve (see Figure 6-108). 
3. Let’s select Gilbert’s working curves shown in Figures 6-101 and 6-102 for 

23-in. tubing and choose the curves with rate of 100, 200 and 400 stb/d. 
4. Determine the equivalent length depth of P, = 200 psi. This is done by 

tracing down a vertical line through pressure point of 200 psi at zero depth 
until the line of GLR = 400 scf/stb is found and read the depth. This is 
the equivalent depth. Add this equivalent depth to the actual well depth. 
Then find the pressure at this total equivalent depth for rate and GLR 
given. For all three rates chosen, we can obtain 

100 1,410 
200 1,370 
400 1,310 
(600) (1,400) 

5. Plot these values on the same graph made in Step 2 above. 
6. Read the coordinate points (q, Pw,) of the intersection between the two 

curves (IPR and TPR), see Figure 6-108. It is obtained that the maximum 
possible rate is 332 stb/d. 
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(2) The productivity index J of two-phase fluids may be defined as 

J = -dq/dP, = - 

+ 1 . 6 ~ -  515 (1,325) = 0.232 stb/d/psi = 0.2x- 515 
2,400 (2,4001‘ 

Example B 

Suppose we have more test data for Example A. The additional data given 
are FE = 0.7. (1) What is the AOFP when the skin effect is removed (FE = 1.0)? 
(2) What is the actual maximum potential (AOFP) of the well? (3) Determine 
the maximum possible rate. (4) Determine the maximum possible rate if no 
damage occurred. 

Solution: 

1. Using Equation 6-178, for V = 0.8, 

+=0.7[1+0.8(-)][1-(-)] q m  

q z  = 736 stb/d 

2. The maximum potential will occur when Pw, = 0, 

3. The maximum rate possible is 332 stb/d (already determined in Example A). 
4. Construct an IPR with FE = 1.0. Vogel’s equation is valid now, 

500 
800 

1,200 
1,500 
2.000 

680.0 
621.5 
515.2 
41 4.0 
204.4 

Plotting Pw, versus q, we can determine that q = 477 stb/d (Figure 6-108). 
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Example C 

An oil well is produced at Pd > Pb. Data given are 

H = 5,000 ft 

d = 2.375 in 

Pr = 1,500 psi 

J = 0.4 stb/d/psi 

GLR = 0.8 Mscf/stb 

Find the production rate of liquid and gas if (a) the bean size is 
the bean size is 

Solutlon 

in. or (b) 
in. Assume critical flow conditions and use Gilbert’s equation. 

Since the well is operated above the reservoir bubble point, we can treat the 
inflow performance as a linear one: 

9 2 
J 0.4  

P, = P, -- = 1,500-- 

Choose some values of q (e.g., 100, 200 and 400 stb/d) and use the gradient 
curves for 2.375-in. tubing. Gilbert’s curves are used here for convenience. For a 
given P, Pwh is found with a procedure opposite to that for determining P for a 
known Pnt, (solution to Example A, (l), Step 4). Doing so, we can get the folrhng: 

~~ 

q, s w d  p,, ml P,, psi 

100 1250 540 
200 1 000 400 
400 500 40 

Plot q versus Pd (shown in Figure 6-109). Generate other q versus Pnt, for 
the two choke sizes using 

Pwh = 435R0”46q/S’.s9 

where (a) q = (22l.@ x Pwh)/(435 x OBos) or @) q = (30’” x P )/(435 x 0.8°.M) 
These are straight line equations through the origin. Draw $e choke perfor- 

mance curves (see Figure 6-109). From this figure we can determine that 

1. installing a %-in. choke: 

= 264 stb/d 

q,. = 264 x 0.8M = 0.211 MMscf/d 
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Figure 6-109. Pressure-rate relationship for Example C on page 590. 

2. installing a %-in. choke: 

qliquid = 319 stb/d 

= 0.255 MMscf/d 9,s 
Example D 

Constructing an IPR curve of an oil well is sometimes difficult in terms of data 
available. The present reservoir pressure is not available or measured. Some oil com- 
panies do not want to lose their production caused by closing the well to measure 
the static reservoir pressure. A practical means of overcoming this problem is to 
test the well at two different rates while measuring the flowing bottomhole pressure. 
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This technique does not require expensive, timeconsuming tests. The pressure mea- 
surements can be very accurate, using a subsurface gage on flowing wells; they can 
be obtained with surfacerecording downhole gage; or they can simply be obtained 
with casing pressure and fluid level shots, depending on the well condition. 

A typical two-point test datum is taken from a well in the Judy Creek Beaverhill 
Lake ‘A’ Pool producing under a solution gas drive [53]. 

Test 1 Test 2 

q, stbld 690.6 470 
P,, psi 11 52.0 1970 
P,, psi 2290.0 2290 

The task is to estimate the static reservoir pressure and to construct IPR for 
this well. 

Solution 

(-3-J1 = 1-0.2(-]-0.8(-1 = 0.697 

[&I2 =1-0.2(-)-0.8(-1 = 0.236 

qc = (470-690.6)/(0.236-0.697) = 478.5 stb/d = (q- - q b )  

Flowrate at bubble point, 

q, = 470 - (0.236)(478.5) = 357 stb/d 

J, = 1.8 x (478.5/2,290) = 0.376 

Pr = 2,290 + (357/0.376) = 3,239 psia 

The calculated reservoir pressure from the two-point test was 3,259 psia, which 
is consistent with static pressures measured in this area of the ‘A’ Pool. 

Figure 6-110 is the constructed IPR. A third run was run to verify this curve, 
with a rate of 589 stb/d at 1,568 psia. This point fell essentially on the curve 
generated by the original two-test points. 

Example E 

A reservoir with a back-pressure curve slope (l/n) = 1.12 has the following 
two flow tests: 

- 
p I psla w d  P,, 

Test 1 2355.9 335.1 1300 
Test 2 2254.9 245.8 13 
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Flgure 6-110. Pressure-rate relationship for Example D on page 591. 

Calculation of future IPR 

. Using Fetkovich’s method: 

a895 = 463.5 stb/d 335.1 
9-1 = 

2355.4 

as95 = 365.5 stb/d 254.8 
9-2 = 

2254.9 
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Calculate J': 

J1 * =-- 463m5 - 0.197 stb/d/psi 
2355.4 

Jn=-- 365'5 - 0.162 stbJd/psi * 

2254.9 

Calculate A' and B': 

A' = 0.197-0.162 = 7.554x104 
(2,355.4)' - (2,254.9)' 

0.197 0.162 

1 1 
(2355.4)' - (2254.9)' = B' = 

- 
(2355.4)' (2254.9)' 

Calculate maximum future rate (for instance, a future reservoir pressure 
of 1,995 psia): 

qm, = 7.554 x 10-8(1995)3 + (-0.222)(1,995) = 157 stb/d 

The future IPR curve can then be predicted using the equation 

ARTIFICIAL LIFT METHODS 

Sucker Rod Pumping 

Pumping Unlts 

Components of Pumping System. The walking beam sucker rod system for 
producing fluids from wells is of ancient origin, and widely used. Over 90% of 
artificially lifted wells use beam-type pumps [54]. 

The system consists of surface and downhole components. Surface compo- 
nents are shown in Figure 6-1 11. The key components of the downhole pumping 
assembly are shown in Figure 6-112 for the two principal types of downhole 
sucker rod pumps. 

Pumping Unit Operation. As the prime mover in Figure 6-111 drives the gear 
reducer, the walking beam oscillates about the saddle bearing and imparts a 
reciprocating motion to the sucker rods. As the sucker rods start the upstroke, 
they lift the plunger and traveling valve, creating a reduced pressure below it 
inside the working barrel. During this part of the cycle, the traveling valve is 
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Figure 6-111. Surface equipment of a sucker rod pumping installation [60]. 

closed and the standing valve is open. This reduced pressure within the working 
barrel allows fluid to flow from the formation and the casing-tubing annulus 
(formation and casing-tubing annulus are not shown in Figure 6-112) through 
the mud anchor, dip tube, and standing valve and into the working barrel. On 
the downstroke, the traveling valve opens and the standing valve closes, allowing 
fluid in the barrel to move up into the tubing above the traveling valve. This 
fluid is in the annulus between the rods and the inside of the tubing. With 
each complete stroke, more fluid fills this annulus, and within a short time 
production appears at the surface. Because of compression of the fluid and 
elasticity in the system, production at the surface may appear continuous, but 
in reality production only occurs on the upstroke of the pump. 

Pumping Unlt Types and Speclfications. Four types of beam pumping units 
are recognized. The classification is based on where the fulcrum is placed (Class I 
or Class 111) and how they are counterbalanced (air, crank or beam). Three types 
are shown in Figure 6-113. In a Class I lever system (also called a conventional 
pumping unit), the fulcrum is near the center of the walking beam and the 
pitman applies lifting force by pulling downward at the rear of the walking beam. 
In a Class I11 lever system, the lifting force of the pitman is applied upward 
near the center of the beam. These Class I11 units are also referred to as units 
withfiont mounted geometry. The Lufkin Mark I1 is one such unit. A variation 
on the Class I11 system that normally has a crank-type counterbalance has, 
instead, a piston and cylinder filled with compressed air as the counterbalance. 

Conventional pumping units in smaller sizes can have the counterbalance 
weights mounted at the rear of the walking beam (beam balanced units) or 
mounted on the crank arm (crank balanced units). Larger conventional units 
are all crank balanced. 

In selecting a pumping unit, three principal specifications should be given: 

1. torque rating of the pumping unit gear reducer in in.-lb 
2. structural capacity of the unit; i.e., the load bearing capacity, in lb 
3. maximum stroke length in in. 

(text continued on pogc 598) 
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SUCKER ROD 

SEATING NIPPLE 

WORKING BARREL 

TRAVELING VALVE 

STANDING VALVE 

MUD ANCHOR 

TUBING 
PUMP 

ROD 
PUMP 

Flgure 6-112. Downhole components for a tubing pump and rod pump [el]. 
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CLASS I LEVER SYSTEM - CONVENTIONAL UNIT. 

CLASS= LEVER SYSTEM - LUFKIN MARK Z. 

FULCRUM 

I 

CLASS= LEVER SYSTEM - AIR BALANCED -EM. 

Figure 6-113. Simplified lever diagrams of Class I and Class Ill pumping 
units [61]. 



598 Production 

(tart continued from pagd 595) 

Table 6-22 lists these specifications for API standard units. Some manu- 
facturers have additional intermediate sizes not shown in Table 6-22. Not all 
manufacturers make all sizes. The specification is a threepart code. A unit rating 
of 160-173-64 identifies a pumping unit having a gear reducer rating of 160,000 
in./lb of torque, a structural  load-bearing capacity as measured at the polished rod 
of 17,300 lb force and a h u m  stroke length of 64 in. 

Each pumping unit size generally has two to four stroke lengths at which it 
can operate, the largest stroke length of the two to four being the one given in 
the unit rating. One should refer to manufacturers' catalogues to find which 
smaller stroke lengths are available with each size of unit. 

Table 6-22 
Pumping Unit Size Ratings I62I 

1 4 9 4 

6.4- 32- 16 
6.4- 21- 24 

10- 32- 24 
1 0 -  40- 20 

16- 27- 30 
16- 53- 30 

25- 53- 30 
25- 5 6 -  36 
25-  67- 36 

40- 89- 36 
4 0 -  7 6  42 
4 0 -  89- 42 
4 0 -  76- 48 

57- 76- 42 
57- 89- 42 
57- 95- 48 
57-1- 48 
57- 76- 54 

80-109- 48 
80-133- 48 
80-119- 54 
80-135- 54 
-119- 64 

114-153- 54 
ll.CI43- 64 
1 1 4 4 7 5 -  64 
114-143- 74 
114-l l9-  86 

160-173- 64 
160-143- 74 
160-173- 74 
160-200- 74 
16@-175- 86 

6,400 
6,400 

10,000 
10.000 

16,000 
16,000 

25,000 
25,000 
25,000 

40,000 
40,000 
40.000 
40.m 

57,000 
57,000 
57,000 
57,000 
57,000 

80,000 
80,000 
80,000 
80,000 
80,000 

114,000 
114,000 
114,000 
114,000 
114,000 

160,000 
160,OOO 
160,000 
160,000 
160,000 

3,200 16 
2,100 24 

3.200 24 
4.000 20 

2,700 30 
5,300 SO 

30 
36 

5.300 
5,600 
6,700 36 

8,900 36 
7,600 42 
8,900 42 
7,600 48 

7,600 42 
8,900 42 
9,500 48 

10,900 48 
7,600 54 

10,900 48 
19,300 48 
11,900 54 
13,300 54 
11,900 64 

13,300 54 
14,300 64 
17,300 64 
14,300 74 
11,900 86 

17.300 64 
14,300 74 
17,300 74 
20,Ooo 74 
17,300 86 

22&173- 74 228,000 17,300 74 
zzs-zoc- 74 Z~S,OOO eo.000 74 
!2?@-213- 86 228,000 21,500 86 
% a 2 6  86 m,wo 24.600 86 
22&173-100 228,000 17,300 100 
22&213-120 228,000 21,300 120 

1 2 3 4 

320-215- 86 
320-256-100 
320-305-100 
320-213-120 
320-25G120 
320-256144 

456-256-120 
456-305-120 
456-3S150 
456-256-144 
456-305-144 
.45€-30G168 

640-3OG-120 
640-256144 
640-305-144 
640-365-144 
640-30&168 
64Q-30&192 

912-427-144 
912-30&168 
912-168 
912-305-192 
912427-192 
912470-240 
912427-216 

1280427-168 
12-27-192 
1 2 W - 2 1 6  
12-70-240 
1280470-300 

1824-427-192 
182M27-216 
1824-470-240 
1 8 2 M 7 5 0 0  

2330-470-240 
2560-470-300 

3648-470-240 
-7-00 

320,000 
320,000 
320,000 
320.000 
320,000 
320,000 

456,000 
456,000 
456,000 
456,OOo 
456,000 
456,000 

640,000 
640,000 
640,m 
640.000 
640,000 
640,000 

912,MH) 
912,OOO 
912,OOo 
912,000 
912.000 
912,ooo 
912,000 

1.280,OOO 
1,m,ooo 
1,m,000 
1,280,000 
1,280,000 

1.824.000 
1,824,000 
1,824,000 
1.824,OOO 

2,560,000 
2.560.000 

3,648,000 
3.648.OOo 

21,300 86 
25,600 100 
30.500 1W 
91,300 120 
25,600 120 
25,600 144 

25,600 120 
30,500 120 
3 6 3 0  I20  
25;600 144 
30,500 144 
30,500 168 

30,500 120 
25,600 144 

144 

30,500 
30,500 192 

42,700 144 
30,500 168 
36,500 168 

192 

47,000 240 
42,700 216 

%Z 192 

42.700 192 
42,700 216 
47.000 240 
47,000 300 

47,000 240 
47,000 300 

47.000 240 
47.000 300 
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Sucker Rods 

W s ,  Sizles and Grades. For steel sucker rods, Table 623 gives data useful in 
calculations of sucker rod pumping problems. A companion table, Table 624, 
gives useful design data on the common sizes of tubing used. See the section 
titled ‘Natural Flow Performance” for full data on tubing. General dimensions 

Table 6-23 
Sucker Rod Data [5n 

1 4 3 4 

Rod 
Weight Elastic 

Metal in air, constant, 
Rod Area, lb per ft in. per lb ft 
Sue sq in. wr E, 

?4 0.196 0.72 1.990 x 10-6 
M 0.307 1.13 1.270 x lo4 
% 0.442 1.63 0.883 x 
74 0.601 2.22 0.649 x lo4 
1 0.783 2.90 0.497 x 10” 

1% 0.994 3.67 0.393 x 10-6 

Table 6-24 
Tubing Data Useful for Pumping System Design [571 

1 2 3 4 5 
Elastic 

Outside Inside Metal constant, 
Tubing Diameter, Diameter, Area, in. per lb ft 

Size in. in. sq. in. Et 

1.900 1.900 1.610 0.800 0.500 x 10-6 

2% 2.875 2.441 1.812 0.221 x 10-6 
2% 2.375 1.995 1.304 0.307 x 

3% 3.500 2.992 2.590 0.154 x 1W6 
4 4.000 3.476 3.077 0.130 x l e  

4% 4.500 3.958 3.601 0.111 x 10-6 
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and tolerances for steel sucker rods are given in Figure 6114. Specifications 
for full size and slimhole couplings appear in Tables 6-25 and 6-26, respectively, 
and are diagrammed in Figure 6-1 15. The recently published API specifications 
for reinforced plastic sucker rods are given in Figure 6116. 

From the point of view of the materials used in their manufacture, all 
commercial available rods are divided into two classes, steel and reinforced 
plastic sucker rods. The steel rods are available in three API grades: R, C and 
D. Composition and tensile strength of these rods are shown in Table 6-27. 
Commonly available recommended sucker rod endurance limits are shown in 
Table 6-28. The range of tensile strength available is accomplished by altering 
the chemical content of the steel and by the treatment process used in rod 
manufacturing such as tempering, normalizing, quenching, and case hardening. 

In general, the maximum allowable stress on rods should not exceed 30,000 
psi to 40,000 psi. In any case, the maximum stress and range at stress should 
be checked against the Goodman diagram maximum allowable stress discussed 
in the section titled “Allowable Rod Stress and Stress Range.’’ An exception is 
the “Electra” rods of the Oilwell Division of United States Steel that have ratings 
of 40,000 psi and 50,000 psi. The Goodman diagram analysis procedure is not 
applicable to these rods. 

Selection of API Steel Sucker Rods. The principal considerations in selection 
of API steel sucker rods are the range of stress, the level of stress that the rods 
will experience and the degree of corrosiveness of the environment in which 
they will operate. Rods should be selected to be able to withstand not only the 
maximum stress that they will experience but also the range of stress. This 
requires the use of the modified Goodman diagram described in the section 
titled “Allowable Rod Stress and Stress Range.” 

Chemical inhibition programs can be effective in overcoming corrosion. Refer 
to Chapter 7 for a discussion of corrosion mitigation procedures. No existing 
grade of rods will withstand all possible corrosion conditions and some treat- 
ment may be needed even for mild corrosion environments. 

For nonsour (so-called sweet crudes) one should select the lowest grade rod 
which meets the stress and stress range conditions. 

Where sulfide stress cracking exists, one should use a rod with a Fbckwell 
hardness less than 23. Grade C rods meet this requirement. The stress and stress 
range must be checked to see if the C rods also meet this stress criterion. D grade 
rods are not recommended for sour crude environments unless an effective 
corrosion inhibition program is applied. 

Grade K rods are available when other grades have not performed satisfkct.orily. 

Allowable Rod Stress and Stress Range. A string of sucker rods when in 
normal operation is subject to alternating high and low stress because of the 
nature of the pumping cycle. On the upstroke, the rods bear a load that includes 
their own weight, the weight of the fluid they are lifting, friction and effects 
of acceleration. On the downstroke, the rods carry some friction load and the 
load of their own weight diminished by effects of deceleration. The ratio of 
upstroke to downstroke load and hence ratio of upstroke to downstroke stress 
can be 2 to 1 or often 3 to 1 or more. This cycle of alternating high and low 
stress occurs at a frequency at least equal to the pumping speed. A unit pumping 
at 20 strokes per minute goes from high stress to low stress every 3 s or 10,500,000 
cycles per year. This process repeated on the rods over months and years can 
easily lead to metal fatigue. 
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GENERAL DIMENSIONS FOR SUCKER-ROD 
BOX AND PIN ENDS 

Figure 6-114. General dimensions and tolerances for sucker rods and pony rods [63]. 
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Table 8-25 
Dimensions of Fullsize Couplings and Subcouplings [63] 

1 f 3 4 5 6 

O d e  Dist. Between 

Couplhg 4.005 -0.010 Min. WmChFlat 0-N: (O-.Smm) Min. O.D. 
Nominal Diameter w zstr%h of WrendIFlats used W& 

Size+ W NL WL** Wj Tubing she 
% (15.9) 1% (38.1) 4 (101.6) 1% (31.8) 1% (34.9) 2x6 (52.4) 
% (19.1) 1% (41.3) 4 (101.6) 1% (31.8) 1Y (38.1) 2% (60.4) 

1'36 (46.0) 4 (101.6) 1% (31.8) 136 (41.3) 2% (73.0) % (22.2) 
1 (25.4) 2% (55.6) 4 (101.6) 1% (38.1) 1% (47.6) 3% (88.9) 
1% (28.6) 2% (60.3) 4s (114.3) 1% (41.3) 2% (53.9) 3% (88.9) 

*Ah size of md with which c~upling k to bc id 
"Minimum length exdusk- oftilleo. 

Table 6-26 
Dimensions of Sllmhole Couplings and Subcouplings [Sa 
1 2 3 4 

Outside 
Diameter Used With 

Nominal .OO!L.O10 in. Le3lgh Min. 
coupling (.13-.25 mm) Min. TubiisiEe 

Size* W jVL OB. 
!4 (12.7) 1 (23.4) 211 ( 69.9) 1.660 (42.2) 
% (15.9) 1% (31.8) 4 (101.6) 1.990 (50.6) 

41 (19.1) 1% (38.1) 4 (101.6) 2 1  (52.4) 

w (22.2) 1% (41.3) 4 (101.6) 2% (60.4) 
1 (26.4) 2 (50.8) 4 (101.6) 2% (73.0) 

*Also size of rod with which coupling is to be used. 

In designing API steel sucker rod strings, it is recommended that the modified 
Goodman diagram shown in Figure 6-117 be used as the basis for stress analysis. 
This method of analysis compensates for the deleterious effects of cyclic stress 
and helps to prevent premature metal fatigue caused by cyclic stress. The key 
applicable terms for the diagram and the associated equation are given in the 
diagram. However, more explanation is given below for the terms of greatest 
interest. The diagram can be reduced to an equation as follows: 

SA 5 (T/4 + 0.5625 x S,) x SF (6190) 

The equation in the form above can be used in either English or metric 
units. An example is given below. The terms in the equation have the follow- 
ing significance: 

SA= Maximum allowable stress in the rods for a given value of minimum stress, 
S,, and service factor (see definitions below). 

T = Minimum tensile stress for rods of a given API rating. Refer to Table 627 
for these minimum tensile strength values. (Example: for C rods, T = 
90,000 psi.) 
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SUCKER-ROD COUPLING 
(DO NOT USE ON POLISHED RODS) 

U 
POLISHED-ROD COUPLING 

I 
BOX AND BOX SUBCOUPLING 

(TYPE II 

~ \ V 

BOX AND PIN SUBCOUPLING 
(TYPE 11) 

Flgure 6-115. Dimensions of sucker rod couplings, polished rod couplings 
and subcouplings [63]. 
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Flgure 6-116. General dimensions and tolerances for reinforced plastic sucker rods and pony rods [64]. 
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Table 6-27 
Chemical and Mechanical Properties of Steel Sucker Rods [SS] 

1 2 3 4 
Tensile Strength. psi 

Chemical * Min. Max. ' 
(MPA) (MPA) 

Grade Composition (PSI) (PSI) 

K AISI 46XX 85,000 (586) 115,000 (793) 
C AISI 1536(') 90,000 (620) 116,000 (793) 
D Carbon or Alloy (2) 116,000 (793) 140,000 (965) 

(')Generally manufactured from, but not restricted to. AISI 
1536. 

("Any composition which can be effectively heat treated to the 
minimum ultimate tensile strength. 

Smin = Minimum stress to be experienced by the rods in the pump cycle. 
SF = Service factor. This is a factor that adjusts, usually downward, the esti- 

mated allowable maximum stress to account for corrosive conditions. See 
Table 6-29 for suggested service factors for API Grade C and D rods. 

Equation 6-190 can be written in forms applicable to specific API rod grades 

Grade C rods: 
as follows: 

SA = (22,500 + 0.5625 x Smin) x SF (6-191) 

Grade D rods: 

SA = (28,750 + 0.5625 x S&) x SF (6-192) 

SA, Sm, = lbf/in? or psi 

SF is dimensionless, 

Example Calculatlon 

Given: A 77 Grade D rod string operating in a saltwater-crude oil environ- 
ment has a minium polished rod load measured with a dynamometer 
of 15,000 Ibf. 

Desired Maximum allowable stress and load for this rod string. 

Solution 

Step 1: A 77-rcrd string has a crossaection area of 0.601 in.' (See Table 6-23). 
Use this area to compute rod stress from rod load. 
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Table 6-28 
Recommended Endurance Limits of Sucker Rod8 

AISI-ASAE Endurance limit In 
Rod Steel corrosive tlulb, psl 
type grade Wlth H,S Without H,S 

Carbon C1033 

C1035 

C1036 

C1038 

C1039 

C1040 

C1042 

c1043 

Steel 

Alloy 
Steel 

Mn 1335 

Ni-Cr 3310 

Ni-Cr (Mayari) 22,000 

Ni-Mo 4620 

Ni-Mo 4621 

22,000 

22,000 

30,000 

30,000 

30,000 

Ni-Mo 4800 

series 22,000 

a Cormahre fluids effectively treated with a chemical inhibitor may be considered noncorrosive. 

Min. load I 15,0001bf = 24,960psi 
Rod area 0.601in.p 

s* = - 

Step 2: Determine the service factor. From Table 6.29, for a Grade D rod, 

Step 3: Use the Goodman diagram equation to compute S,. Use Equation 6-192 
the service factor for saltwater (brine) service is recommended to be 0.90. 

for Grade D rods. 

SA = (28,750 + 0.5625 x S-) x SF 

- (28,750 + 0.5625 x 24,960) x 0.90 = 38,510 psi 
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Table 6-28 
(continued) 

Endurance limit in non-corrosive 
fluid for stress rangeb, psi Rod 

type ~ 6 0 %  >60% <SO% 

Carbon 30,000 

30,000 

30,000 

30,000 

30,000 

30,000 

30,000 

30,000 

Steel 

Alloy 
Steel 

30,000 

30,000 

30,000 

30,000 

40,000 

40,000 

40,000 

40,000 

40,000 

Stress range is given as per cent of maximum operating stress. 
(Courtesy Bethlehem Steel Cop.) 

Step 4: Compute maximum allowable loads by multiplying SA by rod area. 

Max allowable load = SA x rod area 

38,510 psi x 0.601 in' = 23,140 lbf 

Service factors should be considered as guidelines and not as highly precise 
universal parameters. Experience from a given area should be used to determine 
proper service factors for given types of corrosive environments. 

Sucker Rod Pumps 

Pump Deslgnatlons. The API presents a standardized notation for designating 
subsurface sucker rod pumps. This notation is shown in Figure 6-118. 
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T Minimum Tensile Srenath T 

T 
? \  

I 

S - + M S ,  SF .......................................... 1 

SA =(0.25T+0.5625S,&SF ................................ 2 
AS, =SA-&, ................................................. 3 

A -6 IN) 

where: 
SA =Maximum Available Stress. psi ( tVmd)  

M 
SYIN= Minimum Stress, psi (N/mm2) (Calculated or Measured) 
SF =Set~iceFactw 
T = Minimum Tensile Strength, psi (NImm2) 

AS, =Maximum Allowable Range of Stress, psi (Wmrn2) 
= SI- of SA C u m  = 0.5625 

Flgure 6-117. Modified Goodman diagram for allowable stress and range OT 
stress in noncorrosive service [66]. 

Table 6-29 
Suggested Servlce Factors for API Grade C 

and Grade D Rods in Corrosive Condltiona [el] 

Service API C API D 

Non-corrosive 
Salt water 
Hydrogen sulfide 

1 .oo 
0.90 
0.70 

1 .oo 
0.65 
0.50 
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L-xxx 

The b i a  typm of pump0 and letter designation covered by thl. rpedficath are aa follows: 
Letter Dulpstlm 

Metal Plunger P u m p  Soft-packed Plunger Pumps 

HcavpWsll Thin-Wdl tXeaQy-WaIi Thin-Wall 
Barrel Barrel Barrel Rsrrel 

RHA RWA ........ RSA 
RWB ........ RSB 

c- .7 

"meatPam 

""SE%yBarrel T Anchor 
Sktlonary B-1: B%rn Anchor RHB 
T r a ~ e l f a g ~ B o t & m h n t z b r  RAT RWT ..... ". RST 

Tubing Pumps TH ........ TP ........ 
&nn lets pump ddgnatians MI&: (1) nominal tubing IS- (2) b.alc bom &meter (81 type of 

e of reathip wem%, (4) burel length, (5) p k g m  length, pump inelnd$ng ty e of barrel and looltim and 
and (k, total lengti of ~ t e n a h u  when l a d ,  aa f%: 

x 

- m a  pump; R-Rod 
T - T u ~ ~ I P  

(buic): 

Figure 6-118. API pump designation [54]. 

As indicated in Figure 6-1 12, two types of pumps are available, tubing pumps 
and rod pumps. Both have metal barrels and plungers. The running seals may 
be either metallic or nonmetallic. 

Tubing Pumps. The barrel of the tubing pump is attached directly to the tubing 
at or near the lower end of the tubing. A seating nipple placed below the pump 
barrel is used to hold the standing valve. After the pump barrel is in place, the 
plunger and traveling valve assembly is run into the well. The lower end of the 
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plunger assembly has a standing valve puller to which is attached the standing 
valve. During the pump installation process, when the standing valve reaches 
the seating nipple, the standing valve is locked in place. The rods are then 
rotated counterclockwise to disconnect the standing valve puller from the 
standing valve. The plunger is then raised sufficiently to allow minimum clear- 
ance on the downstroke. At least 1 ft of clearance is recommended to compen- 
sate for overtravel of the pump plunger during pumping. Final spacing of the 
pump is done by proper placement of the polished rod clamp. 

Rod Pumps. A rod pump has the same component parts as a tubing pump, 
namely standing valve, seating nipple, pump barrel, plunger and traveling valve, 
but they are connected in such a way that the plunger, traveling valve, standing 
valve and pump barrel can be pulled from the tubing using the rod string. In a 
tubing pump, the tubing as well as the rods must be pulled to remove the pump 
barrel. Rod and tubing pumps are spaced in the same way. Clearance at the 
bottom of the pump stroke must be kept to a minimum in gassy wells to 
maximize pump fillage on the upstroke. 

The choice between a tubing pump and a rod pump for a given installation 
is an important one. A comparison of rod and tubing pumps and of top and 
bottom anchors for the pumps is given in Table 6-30. Additional information is 
available in Reference [54]. 

Obtaining Optimum Performance 

Pump Submergence. The energy to fill the pump should be supplied by the 
formation rather than by a high fluid head in the casing tubing annulus if 
maximum production is desired. Where feasible, pump intake should be below 
the perforations or as close above them as possible. 

Gas Separation. Gas evolution within the pump barrel or below the standing 
valve can cause significant reduction in pump volumetric efficiency. Where gas 
evolution is a problem, some type of downhole gas separator (commonly called 
a gas anchor) should be used. 

Sand Control. Where sand production exists, some method of sand control, 
such as gravel packs, screens, or formation bonding agents, should be used to 
maximize pump life. 

Common Pump Problems and Solutions. Several frequently occurring operat- 
ing problems and their solutions are discussed in Reference [54] and are 
summarized here. 

Corrosion. The principal corroding agents in pumping wells are carbon dioxide, 
hydrogen sulfide, oxygen and brine, either singly or in combination. The failure 
mechanisms that these agents can create are sulfide stress cracking, corrosion 
fatigue, erosion corrosion, stress corrosion, galvanic corrosion, pitting and 
wear abrasion. 

When corrosive conditions exist, the metallurgy of the pump and downhole 
accessories should be chosen to resist the corrosion. Chemical inhibitors can 
be helpful but will not prevent corrosion in all cases. Such inhibitors protect 
casing, tubing, and rods better than the pump parts. Thus, corrosion resistance 
here is best obtained through proper selection of pump materials for construc- 
tion. Refer to Chapter 7 for more details on corrosion mitigation. 
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Table 6-30 
Comparlson of Pump Types and Anchor Types 

Tubing Pump8 

Advantage8 Di8adVantage8 

Largest displacement 

Strongest 

Must pull tubing to remove pump 

Poor for gassy wells 

Large rod load 

Rod Pumps 
Traveling Barrel, Bottom Anchor 

Advantage8 Disadvantages 

Sand kept in motion near barrel 

Good for intannittent pumpers 

Strong plunger-rod connection 

Less desirable for low static level 

Long pull tubes can become bowed 

wells 

~~~ ~~ - 

Statlonay Barrel, Bottom Anchor 

Advantages Disadvantages 

Generally siried for deep wells Hazardous to use in sandy wells 

Useful for low static level wells Not recommended for intermittently 
produced wells 

Useful for gassy wells 

Stationary Barrel, Top Anchor 

Advantage8 Disadvantages 

Useful for sandy wells 

Useful for some low fluid level gassy 

Thin wall pump barrels can burst in 
deep wells 

wells 

Fkld Pound. A fluid pound condition exists when insufficient liquid enters the 
pump barrel on the pump upstroke. Above the liquid, a gas space is created 
between the traveling valve and the standing valve. During the next downstroke, 
the traveling valve does not open until the plunger hits the liquid. This impact 
sends a strong shock wave up the rods to the surface. In some instances the 
shock can be carried to the gear reducer of the beam pumping unit. When this 
pounding or shock is repeated with each pump cycle and for significant periods 
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of time, major structural damage can occur in the downhole and surface 
equipment. This damage can include: 

a. gear tooth failure in pumping units 
b. damage to the pumping unit base structure 
c. rod fatigue and failure 
d. accelerated wear on traveling valve cages, balls and seats 
e. accelerated wear on tubing threaded connections 

Fluid pound can be caused by one of two conditions: (1) a "pumped-off" 
condition of the well in which the well cannot produce as much fluid as the 
pump can lift to the surface, and (2) restricted intake to the pump because of 
mechanical blockage at the pump. 

The pumped-off condition can be prevented by slowing down the pump, using 
a smaller size pump or shorter stroke length, or putting the pump on a 
percentage timer if the prime mover is electric. Various pumpoff controllers 
are available to sense when a well is nearing a pumped-off condition. The 
controllers then shut off the pump for a predetermined period. 

If the fluid pound is caused by restricted fluid entry, none of the above 
alternative remedies are appropriate. Only proper pump servicing will remove 
the restriction. 

Gas P O U M  Gas pound has a behavior and observed effect somewhat similar 
to that of fluid pound but has a different cause. It occurs when no "pumped- 
off" condition exists. There may or may not be an intake flow restriction. The 
cause of gas pound is occurrence of excessive gas in the pump barrel on the 
pump upstroke. It can be caused by inadequate downhole gas separation or gas 
breakout due to oil flow through flow restrictions in the standing valve or dip 
tube. A gassy crude can evolve significant gas if it is forced at high velocity 
through a flow restriction. If the gas pound is caused by excessive free gas and 
there is ample flow area in the standing valve port and cages, then a better gas 
anchor is needed. If flow restrictions exist, then more open cages and large- 
diameter dip tubes should be tried. 

Sand Accumulation. Although proper choice of metallurgy for downhole pump 
barrels, plungers, valves and cages will help in alleviating a sand accumulation 
problem, sand control methods should be evaluated also. 

Scale Formation. Chemical scale deposits can occur in some producing wells, 
and in extreme cases be so severe as to seriously restrict flow of oil through 
the pump and tubing. Chemical scale inhibition agents are available that will 
either eliminate or significantly reduce the effect of scale deposition. Because 
scale deposition is a cumulative effect, treatment must follow a fixed and 
uninterrupted treatment regime. Refer to Chapter 7 for a complete discussion 
of the causes and control procedures for scale deposition. 

Primer Movers 

Both internal combustion engines and electric motors have been used as prime 
movers for pumping units. Internal combustion engines operating on gas are 
preferred in areas where ample lease gas is available and wells can be pumped 
continuously. Where intermittent operation is required or gas must be purchased 



Artificial Lift Methods 613 

and electricity is available, electric motors have become widely used. Electric moton 
are more easily adaptable to remote monitoring and control for lease automation. 

Electric-Motor Types. Four classes of electric motors within the National 
Electrical Manufacturers Association (NEMA) classification are in common use 
for pumping unit prime movers. 

1. NEMA C normal slip (less than 5%): low initial cost, moderately high 

2. NEMA D medium slip (5 to 8%): higher starting torque and slip than class C 
3. NEMA D high slip (8 to 13%): widely used now as having an attractive price 

performance ratio. 
4. Ultrahigh slip motors (slip up to 30%): relatively new; motor is more fully 

loaded during the entire pump cycle; designed specifically for beam pump- 
ing units 

starting torque 

Slip is the difference in motor speed between its synchronous (unloaded) and 
loaded condition divided by the unloaded speed. An induction motor that has 
a synchronous speed of 1,200 rpm and a loaded speed of 1,050 rpm has a slip of 

Most oilfield pumping unit electric prime movers are three-phase induction 
motors. Single-phase motors are restricted to shallow low-volume pumping units. 

Internal Combustion Engines. Internal combustion engines designed to run on 
natural gas or propane and serve as pumping unit prime movers can be classified 
based on their speed, strokes per cycle and the number of cylinders. Slw-speed 
engines are those having a crankshaft rpm of 750 rpm or less. High-speed engines 
have speeds up to 2,000 rpm; these are multicylinder engines. Some engine designs 
employ two strokes per cycle and others use four strokes per cycle. The two-stroke 
engines have been widely used since the early days of the oil industry. The two- 
stmkes-per-cycle engine (often called a auaycla m@m) are mostly slow-speed engines 
in single or multiple cylinders and having horse-paver rating from 15 to 325 hp. 

The four strokes per cycle engine (often called a four=cyck engine) is usually a 
multicylinder engine. These can run on natural gas, LPG or gasoline. 

Selecting Prime Mover Size. Several empirical equations are in use for scaling 
theoretical or hydraulic horsepower rating such as obtained from beam pumping 
system design procedures (see the section titled “Selection of Beam Pumping 
Unit Installation”) to brake or prime mover horsepower. These have been 
discussed by Brown [55] and by Curtis and Showalter [56]. These empirical 
equations are all essentially of the form 

(6- 193) 

where HP, = primer mover in hp 
q = oil and water daily production in bbls/d 
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d = net lift of liquid in ft 
PMF = prime mover factor 

This prime mover factor PMF consists of two components: a units conversion 
factor that accepts the other terms of Equation 6-193 in the given units and 
converts the numerator product to horsepower; and a component that increases 
the horsepower to account for energy losses such as friction, and needed engine 
derating because of the cyclic nature of the engine load. The influence of these 
extra effects is not easily estimated. Thus an empirical adjustment is made based 
on experience. 

If the lifted fluid has a specific gravity of 1.0 and is lifted with 100% 
efficiency, the PMF would be 135,735. The computed horsepower would be the 
theoretical or hydraulic horsepower. Because of the need for a prime mover 
rating considerably above the theoretical, various manukturers use PMFs from 
1.8 to 3.0 times smaller than 185,735. Curtis and Showalter indicate that for high 
slip NEMA D motors or slow-speed internal combustion engines, the recommended 
prime mover horsepower can be obtained from the following equation: 

HI?,=- q x D  
56,000 (6-194) 

For high-speed internal combustion engines or normal slip NEMA C motors, 
the prime mover horsepower suggested is 

q x D  
45,000 

HP, =- (6-195) 

Example Problem 

Determine the prime mover horsepower for lifting 100 bpd of oil and water 
production having a composite specific gravity of 1.0. The net lift is 10,000 ft. 
Assume a slow-speed internal combustion engine or a high slip NEMA D motor 
will be selected. 

Solution 

Use Equation 6-194, such that 

1°0bbl (10 ,OOOft)  
HI?,= = 17.9 hp 

54,OOo 

The actual engine or motor would be selected, with the nearest larger name 
plate rating at 20 hp. 

Selectlon of Beam Pumping Unlt Installation 

Computetion Procedures. Selection of the proper equipment for a new well follows 
an orderly sequence based on computation of pumping unit performance. The 
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method suggested here is that recommended by API [57]. Various commercially 
available computer programs make complete calculations for a wider variety of 
pumping unit types, rod types, depth and inclination of the hole. Some of these 
programs base their design on dynamic analysis of the elastic behavior of the 
rods and tubing and can include inertial effects of the surface equipment. With 
correct input as to well conditions and equipment characteristics, these latter 
programs can make a very precise estimate of loads and stresses in the pump- 
ing system and lead to an optimal design. Simpler microcomputer programs 
are now available quite inexpensively to perform the calculations described 
here for manual use. This API RPl lL  calculation procedure is intended for 
design of conventional geometry (Class I) units pumping in nondeviated wells 
at depths of less than 12,000 feet. The method is based on. use of API grade 
steel sucker rods. 

Required Information. Before the API RPllL calculation procedure can be 
started, the following information must be available for the well. 

a. expected oil and water production, in bbl/d, and their specific gravities 
b. casing and tubing sizes 
c. anchoring depth (if any) for tubing 
d. pump setting depth 
e. fluid level during production (when pumping) 

The design considerations in proper selection of each of these items are 
discussed separately in the following sections. 

Expected Fluid Production. Expected production depends upon how much the 
pump in the well can lift and on how much oil the formation can produce. The 
volume of oil that can theoretically be displaced or moved by the pump is called 
the pump displacement PD and is given by the following equation: 

PD = A, x Sp x N x Con (6-196) 

The volume of oil actually produced at the surface is given by 

Q = E, x PD (6-1 97) 

where PD = theoretical displacement of the pump in bpd 
Ap = cross section area of plunger in in.' 
S ,  = effective stroke length of the plunger in in. 
N = pumping speed in strokes/min 

Con = a units conversion constant, 0.1484 
Q = rate of oil and/or water produced at the surface in bpd 
E, = volumetric efficiency of pump displacement process (a fraction) 

To simplify the calculations, the terms $ and Con are frequently lumped 
together to give a pump constant, K. Pump displacement is then computed from 

PI) = K x Sp X N (6- 198) 

Table 6-31 gives pump constants K for various sizes of plungers and can be 
used to compute pump displacement. 
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Table 6-31 
Pump Factors or Constants [57l 

Plunger Area of Pump 
dlam plunger Constant 
in. sq. in. (A,) (K) 

V a  
914 

16/18 

‘1 
*l’hs 
1 ‘18 

*l% 
*I% 
*I 314 

‘1 =is2 
*2 

*2’k 

*3v4 
*49/4 

*2% 

*2% 

0.307 
0.442 
0.690 
0.785 
0.886 
0.994 
1.227 
1.767 
2.405 
2.488 
3.142 
3.976 
4.909 
5.940 

11.045 
17.721 

0.046 
0.066 
0.102 
0.117 
0.132 
0.148 
0.182 
0.262 
0.357 
0.370 
0.466 
0.590 
0.728 
0.881 
1.640 
2.630 

“API sizes 

Example Problem 

Given: A la-in. plunger is being used to pump oil at 16 strokes per minute 
and an effective downhole stroke of 51.5 in. The pump volumetric efficiency is 
estimated to be 70%. 

Solution 

Desired: Daily surface production of oil, bpd 

Step 1. Using data from Table 6-31 and Equation 6-196 we obtain pump 
displacement: 

PD = Ap x Sp x N x Con 

= (1.767 in?) x (51.5 in.) x (16 spm) x 0.1484 

= 216 bpd 

Step 2. Determine surface production from Equation 6-197. 

Q = Ev x PD 

= 0.70 x 216 bpd = 151 bpd 
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An alternate solution using pump constants is 

PD = R x Sp x N 

= (0.262)(51.5)(16) = 216 bpd 

Volumetric efficiency Ev is normally between 70 and 100%. In unusual 
circumstances where a well is partially flowing while pumping, the Ev can be 
above 100% (flumping wells). Several factors contribute to decrease Ev below 
100%. These include slippage past the plunger on the upstroke and gas evolution 
from the oil as the oil enters the pump barrel and as gas evolves from the oil 
as it rises up the tubing. This latter effect is accounted for by the oil formation 
volume factor. An oil with a formation volume factor of 1.15 requires 1.15 
barrels of oil at reservoir condition to yield 1.0 barrels at the surface. This Eactor, 
alone, without any pump slippage would give an Ev of (1/1.15) x 100 = 87%. 

The pump can displace the computed pump displacement PD only if the 
formation can produce this much oil. Optimal performance is obtained when 
the pump production at the surface matches the ability of the formation to 
produce, or when the pump produces at the statutory limit on production or 
the limit determined by prudent reservoir operation. 

The estimate of the formation's ability to produce should be based on one 
or more well tests whenever possible. A productivity index or inflow per- 
formance relation should be used to determine the volume of fluid which the 
formation can produce under various conditions of flowing bottom hole pres- 
sure. A method widely used for solution gas drive fields producing oil, gas, and 
only a small amount of water, or none is based on Vogel's curve [SS]. The curve 
is reproduced here as Figure 6-119. This method needs only a single point 
production test, wherein reservoir shut in pressure is measured and total liquid 
production (oil and water) and flowing bottomhole pressure are measured. The 
equation for this curve is given below as 

(6-199) 

where qo = total liquid production per unit of time at flowing bottomhole 
pressure Pwf 

(q,,),, = maximum possible flow per unit of time when Pwf = 0 
Pwf = flowing bottomhole pressure 

Pr = average reservoir pressure 

The equation is used to compute the expected flowrate 90 at any given flowing 
bottomhole pressure Pwf. Values of Pr and (q,,),, are constants that must be 
determined from a flow test. Pr is measured during the flow test and (qo),, is 
computed using Equation 6-199 and the flowrate data. 

An example calculation is given below: 
Given: A reservoir flow test indicated that the well flowed 100 bpd when the 

flowing bottomhole pressure w a s  1,500 psia and the reservoir average pressure 
was 2,000 psi. 

Desired: Determine the flowrate in bp/d when the flowing bottomhole 
pressure is 250 psia. 
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Figure 6-119. inflow performance relationships for solution gas drive 
reservoirs [58]. 

Solution 

Step 1: Compute (qJ- using Equation 6-199, such that 

(1 500) (1 500)' -- loo - 1-0.2--0.8- 
(9o)mur (2,000) (2, ooo)p 
(so)- = 25Obbvd 

Step 2. Use Pr and (%)m= wi th  desired Pwf in Equation 6199 to compute QO, 
such that 
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90 = 241 bpd 

Estimation of water production should be done in company with deter- 
mination of the oil production. 

Where the size of the selected pumping unit is critical or where little data 
are available, it may be desirable to use a test pumping unit to determine not 
only flow capacity but also working fluid levels. 

&sing and Tu&ing Size and Tu&ing Anchor. Casing size is usually determined 
long before the decision is made to install a beam pumping unit. Frequently, 
tubing is also already in place. However, its diameter and weight and weight 
per foot should be known. If tubing is already in place, it is not cost effective 
to change out the tubing for a large size as a means of installing a larger pump. 
Where a pump is needed that is larger than possible with the existing tubing, 
a casing pump should be investigated. 

Tubing anchors have the advantage of keeping the tubing from buckling and 
oscillating during the pump cycle. Not only does this reduce wear on the tubing, 
but, as will be seen in the API RPllL calculations, anchors increase the net 
effective bottomhole stroke over that for unanchored tubing. Anchors can create 
problems in wells with severe scale, sand, or corrosion conditions as these 
conditions may so damage the anchor that it cannot be released to allow tub- 
ing removal. 

Pump setting Depth. Whenever possible, the pump should be set at a depth 
in the well where pump intake pressure is above the bubble point of the oil as 
it is produced. This would suggest locating the pump one to three tubing joints 
below the perforations. Sometimes this is not possible because of total well 
depth, nor desirable because of sand production. Alternatively, the pump should 
be placed out of and above the turbulence zone near the perforations (three to 
six joints above the perforations). In any case, the pump should have significant 
submergence, 50 to 100 ft of fluid, to assist in rapid fluid fillage of the pump 
barrel. For low productivity wells, thii amount of submergence may not be either 
possible or economically feasible but the consequence will be that wells with 
lower submergence may experience pump-off and some type of pump-off 
controller would be needed. 

Expected Pump Fluid Level. This i s  one of the needed parameters about which 
there will be much uncertainty in a new installation. If a well test and an inflow 
performance relationship is available for the well, one can possibly convert 
flowing bottomhole pressure to flowing liquid height. Such a calculation would 
be fairly accurate for nearly dead oils or for wells producing mostly water. An 
alternative, conservative design approach is to assume that the flowing liquid 
level is at the pump depth. Once a unit is in operation, one of the commercially 
available acoustical well sounders can be used to measure the working fluid level. 
This value would be useful in any comparison of the well’s current performance 
with that predicted by the API RPllL procedure. 

Preliminary Design Data. In addition to selecting the data listed in the section 
titled “Required Information” which items are generally constant for a given 
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pumping installation, the user of the API RPllL calculation procedure must 
select initial or tentative values for each of the following four parameters: 

a. plunger diameter 
b. pumping speed 
c. stroke length 
d. sucker rod string design 

The following paragraphs give guidelines for proper selection of these 
parameters. 

Plunger Diameter. For a given size tubing there is a maximum pump size for 
each type of pump. Refer to Table 6-32. An additional guide to plunger size 
selection for a given fluid volume and pumping depth is found in Table 6-33. 

Pumping Speed. For any given selection of stroke length there is a maximum 
recommended pumping speed. If this speed is exceeded, the rods are likely to 
“float” or go into compression on the downstroke. Rods are normally under 
tension on the downstroke as well as the upstroke. If they are put into com- 
pression, they will buckle, causing wear on rods and tubing. The range of stress 
will be large, thus reducing the Goodman diagram maximum allowable stress. 
The alternating tension and compression will cause severe stress on rod threads 
and coupling and accelerate rod parting from fatigue and accelerated effects 
of corrosion. Dynamometer tests (to be discussed later) can detect floating rods. 
The maximum pumping speed for given stroke lengths is given in Figures 6-120, 
6121, and 6-122. These figures are for three widely used types of pumping units. 

Table 6-32 
Maximum Pump Size and Type [el] 

pumptype Tubing size, in. 

1.900 2% 2% 3% 

Tubing one-piece, 

Tubing one-piece, 
t h i n 4 1  barrel (TW) 1% 1% 2% 2% 

heavy-wall barrel (TH) 1% 1% 2% 2% 
Tubing liner barrel (TL) - 1% 2% 2% 
Rod one-piece, thin- 

wall barrel (RW) 1% 1% 2 2% 
Rod one-piece, heavy 

wall barrel (RH) 1 %6 1% 1% 2% 
Rod liner barrel (lU) - 1% 1% 2% 
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Table 6-33 
Pump Plunger Sizes Recommended for Optimum Conditions [87J 

Net lift 
of fluid 

ft 

2000 

3000 

4000 

5000 

6000 

7000 

8000 

- 

100 
- 
1% 

1% 

1% 

1% 
1% 

1% 

1% 

1% 

1% 

1% 

1% 

Fluid production-Barrels per d a y 4  pct efficiency 
- 
200 
- 
1% 

1% 

1% 

1% 
1% 

1% 

1% 

1% 

1% 

1% 

1% 

1% 

- 
300 
- 

2 

1% 

2 

1% 
2 

1% 

2 

1% 

1% 

1% 

- 
400 
- 

2% 

2 

2% 

2 
2% 

2 

2 

1% 

1% 

- 
500 
- 
2% 

2% 

2% 

2% 
2% 

2 

2% 

2 

600 
- 
2% 

2% 

2% 

2% 
2% 

2% 

700 

2% 

2% 

2% 
2% 

800 - 

2% 

2% 

2% 

In this tabulation surface 
pumping strokes up to 74 in. 
only are considered. 

- 
900 - 

2% 

2% 

Stmh Lengfh. Stroke length is a primary variable in determining pumping unit 
size. Because of the small number of stroke lengths (usually 2 to 4) available 
for any pumping unit, it is wise to select an available stroke length, then use 
this length in Equation 6-196 to determine an appropriate first estimate of 
strokes per minute. The selected stroke and speed combination should be 
checked to see that the rods do not float. Use Figure 6120, 6121, or 6-122, 
whichever is appropriate. 
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Figure 6-121. Maximum practlcal pumping speed, air balanced unit [61]. 

Sucker Rod String Selectlot?. For shallow wells, less than 2,000 ft most 
pumping installations will use sucker rods of the same diameter from the top 
of the well to the pump. Since the load on the rods is at its greatest at the 
top of the rod string on the upstroke, for single size rod strings one needs only 
to check the stress at t h i s  point using the Goodman diagram to see if the rods 



624 Production 

1000 
900 
800 
700 
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Figure 6-122. Maxlmum practical pumping speed, Mark II unit [61]. 

are satisfactory. For deeper wells, one usually uses a largerdiameter rod near 
the surface and smaller-diameter rods further down the well. Such multiplesize 
rod strings are called tapered rods. A coding system for designating the sizes has 
been adopted. A 76-rod string consists of +in. rods near the top and 4- (or 4-) 
in. rods near the bottom. An 88-rod string has 1-in. (Le., eight 4-s) rods 
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throughout its length. A %-rod string has +-in. rods near the top, 8- (or +-) 
in. rods near the middle and +-in. rods near the plunger. This is called a three- 
way tapered rod string. Four-way tapers are also possible. This coding scheme 
does not specify what percent of each rod size is used in the string. 

Two approaches have been used in determining the percent of each rod size. 
In the first, one starts at the plunger depth and adds rods of the smallest size 
(for example +-in. rods in a %-rod string design). These are added until the 
stress at the top of these rods is the maximum allowable according to some 
criterion such as the Goodman diagram. At that point, one changes to the next 
large size (+-in. rods in the current %rod string example). One then continues 
to add rods until the stress at the top of these rods meets the same maximum 
stress criterion. At this point, one then changes to the largest size and adds rods 
until either the top of the hole is reached (a successful design) or until the 
maximum stress criterion is met but the top of the hole has not been reached. 
In this latter case, one does not have an acceptable design. One would need 
either to change to a larger-diameter string such as an 86-rod design or go to a 
four-way taper (85-rod string in the present instance), adding 1-in. rods to the 
top of the string. 

The above maximum stress method leads to the lightest rod string. It is not 
as conservative as the next or balanced stress method. In the balanced stress 
method, the percentages of each size rod in the 75 rod combination, for exam- 
ple, are adjusted until the same stress exists at the top of each size of rods. Usually 
this stress is less than the maximum allowable stress. The rod string selected by 
this method is somewhat heavier than that selected by the first method and is 
generally to be preferred. 

The API, using this latter approach, has given rod size and percent length of 
rods for available rod combinations and plunger diameter. These percentages 
appear in columns 6 through 11 of Table 6-34. For example, a 76-rod string 
using a 1.50-in. plunger would have 33.8% +-in. rods and 66.2% +-in. rods. An 
85-rod string with 1.75-in. plunger would have 29.6%, 30.4%, 29.5% and 10.5% 
of 1-in., $-in., +-in. and +in. rods, respectively. 

API RPIIL Calculations. The calculation sequence to design a pumping unit 
installation is best explained through an example calculation. Assume that the 
following data are available for a pumping well. 

1. desired surface production, 150 bpd 
2. estimated pumping volumetric efficiency, 85% 
3. pump setting depth, 5,000 ft 
4. fluid level during pumping, 4,500 ft 
5. tubing i s  2 in. nominal, not anchored 
6. pumping speed, 16 spm 
7. stroke length at surface, 54 in. 
8. plunger diameter, 1.50 in. 
9. fluid specific gravity, 0.90 

10. sucker rod design (API) 

Desired calculated results are: 

1. effective downhole stroke, in. 
2. pump displacement, bpd 
3. peak polished rod load, lbf 

(tsxt continued on page 628) 



626 Production 

Table 6-34 
Rod and Pump Data I571 

9 10 11 1 2 3 4 5 6 7 8 
Ewic 

Rod consant, Rod rrtrtng; 4% of ea& she 

?4 
Rd* weight in.permn "FZ 

? 4 % %  no. iaehcs lbperft E; F b  1% 1 
44 All 0.726 1.990X lo4 1.000 100.0 

54 
54 
54 
54 
54 
54 
54 

55 

64 
64 
64 
64 

65 
65 
65 
65 
65 
65 
65 
65 
65 

66 

75 
75 
75 
75 
75 
75 

76 
76 
76 
76 
76 
76 
76 
76 
76 
76 

77 

85 
85 
85 
85 

86 
86 
86 
86 
86 
86 
86 
86 

1.06 
1% 
1.50 
1.75 
2.00 
2.25 
2.50 

Au 

1.06 
1.25 
1 .?io 
1 35 
1.06 
1.25 
1.50 
1.75 
2.00 
2.25 
2.50 
2.75 
3.25 

All 

1.06 
1.25 
1.50 
1.75 
2.00 
2.25 

1.06 
1.25 
1.50 
1.75 
2.00 
2.25 
2.50 
8.75 
3.75 
3.75 

All 

1.06 
1.25 
1.50 
1.75 

1.06 
1.25 
1 .50 
1.75 
2.00 
2.25 
2.50 
2.75 

0.906 
0.929 
0.957 
0.990 
1.027 
1.067 
1.108 

1.135 

1.164 
1.211 
1.275 
1.541 

1.307 
1.341 
1.343 
1.369 
1.394 
1.426 
1.460 
1.497 
1.574 

1.634 

1.566 
1.604 
1.664 
1.732 
1.803 
1.875 

1.802 
1.814 
1.833 
1.855 
1.880 
1.908 
1.934 
1.967 
2.039 
2.119 

2.224 

1.883 
1.943 
2.039 
2.138 

2.058 
2.087 
2.133 
2.185 
2.247 
2.515 
2.385 
2.455 

1.668 x IO" 
1.633 x 10" 
1.5&4x1@ 
1.525 x 10" 
1.460 x lo-" 
1.391 x 104 
1.318 x lo" 
1.270~ lob 
1.382~ lWu 
1.319~ 1W6 
1.232 x lob 
1.141 x lW6 

1.138 x lo-" 
1.127 x lWfi 
1.110 x lo" 
1.09Ox lo-" 
1.070 x lo" 
1.045 x lo" 
1.018 x lo" 
0.990 x lo" 
0.930 x lo" 
0.883 x lo" 
0.997 x lo" 
0.973 x 10-6 
0.935 x lo" 
0.892 x lo" 
0,847 x le 
0.801 x I@ 
0.816~ lo" 
0.812 x 106 
0.804 x l@ 
0.795 x lo" 
0.785 x le 
0.774 x lo" 
0.764 x lo" 
0.751 x lob 
0.722 x lo" 
0.690 x 10-6 

0.649 x lob 
0.873 x lWe 
0.841 x 10-6 
0.791 x IO+ 
0.758 x lob 
0.742 x lo" 
0.732 x 10" 
0.717~ I@ 
0.699 x lo" 
0.679 x le 
0.656 x lob 
0.659 x lo" 
0.610 x 106 

1.138 
1.140 
1.137 
1.122 
1.095 
1.061 
1.023 

1.000 

1.229 
1.215 
1.184 
1.145 

1.098 
1.104 
1.110 
1.114 
1.114 
1.110 
1.099 
1.082 
1.037 

1 .Ooo 
1.191 
1.193 
1.189 
1.174 
1.151 
1.121 

1.072 
1.077 
1.082 
1.088 
1.093 
1.096 
1.097 
1.094 
1.078 
1.047 

1.OOo 

1.261 
1.253 
1.232 
1.201 

1.151 
1.156 
1.162 
1.164 
1.161 
1.153 
1.138 
1.119 

22.6 
24.3 
26.8 
29.4 
32.8 
36.9 
40.6 
44.5 

- 
- - - - - - - 
- 
- - - - 
- - - - - - - - - 
- 
27.0 
29.4 
33.3 
37.8 
42.4 
46.9 

28.5 
30.6 
33.8 
37.5 
41.7 
48.5 
50.8 
56.5 
68.7 
82.3 

100.0 

22.4 
24.2 
47.4 
30.4 

23.0 

- 
- - - - - - - 
- 
33.3 
37.2 
42.3 
47.4 

34.4 
37.3 
41.8 
46.9 
52.0 
58.4 
65.2 
72.5 
88.1 

100.0 

27.4 
29.8 
33.3 
37.0 
41.3 
45.8 

71.5 
69.4 
66.2 
62.5 
58.3 
53.5 
49.2 
43.5 
31.3 
17.7 
- 
22.4 
24.3 
26.8 
29.5 

54.3 
24.5 
27.0 
30.0 
33.2 

E! 

51.2 
46.3 
40.6 
33.9 
8 . 1  
19.7 

43.3 12.2 

- 
44.6 
49.5 
56.4 
64.6 
73.7 
83.4 
93.5 

100.0 

33.1 
35.9 
40.4 
45.2 

65.6 
62.7 
58.2 
53.1 
48.0 
41.6 
34.8 
27.5 
11.9 
- 
45.6 
40.8 
33.3 
25.1 
16.3 
7.2 
- - - - - - - - - - 
I 

33.0 
27.6 
19.2 
10.5 
- - - - - - - - 
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Table 6-34 
(continued) 

1 4 3 4 5 6 7 8 9 10 11 
Elastie 

Rod constant, Rod string, 96 of each size 
Rod* "z wt in.peraft 
no. imches Ibperft E, F, 1% 1 Y W %  % 

87 1.06 2,390 0 .612~  106 1.055 24.3 75.7 
87 1.25 2.399 0 .610~  106 1.058 25.7 74.3 

- - - 
I - - - - - - - 
- 
19.1 
20.5 
22.4 
24.8 
27.1 
29.6 

19.6 
20.8 
22.5 
24.5 
26.8 
29.4 
32.5 
36.1 
42.9 

21.2 
22.2 
23.8 
25.7 
27.7 
30.1 
32.7 
35.6 
42.2 
49.7 
65.7 

100.0 

87 
87 
87 
87 
87 
87 
87 
87 
87 

8s 

96 
96 
96 
96 
96 
96 

97 
97 
97 
97 
97 
97 
97 
97 
97 

98 
98 
98 
98 
98 
98 
98 
98 
98 
98 
98 

99 

~ .~ 
1.50 
1.75 

2.413 
2.430 
2.450 
2.472 
2.496 
2.523 
2.575 
2.641 
2.793 

0.607 x l@ 
0.603 x 106 
0.598 x 106 
0.594 x 106 
0.588 x lW6 
0.582 x I06 
0.570 x lo" 
0.556 x 1W6 
0.522 x 1W6 

1.062 
1.068 
1.071 
1.075 
1.079 
1.084 
1.084 
1.078 
1.038 

27.7 
30.3 
33.2 
36.4 
39.9 
43.9 
51.6 
61.2 
83.6 

72.3 
69.7 
66.8 
63.6 
60.1 
56.1 
48.4 
38.8 
16.4 

2.00 
2.25 
2.50 
2.75 
3.25 
3.75 
4.75 

All 
1.06 
1.25 
1.50 
1.75 
2.00 
2.25 

1.06 
1.25 
1.50 
1.71 
2.00 
2.25 
2.50 
2.75 
3.25 

1.06 
1.23 
1.50 
1.75 
2.00 
2.25 
2.50 
2.75 
3.25 
3.75 
4.75 

All 

2.904 

2.384 
2.435 
2.51 1 
2.607 
2.703 
2.806 

2.645 
2.670 
2.707 
2.751 
2.801 
2.856 
2.921 
2.989 
3.132 

3.068 
3.076 
3.089 
3.103 
3.118 
3.137 
3.157 
3.180 
3.231 
3.289 
3.412 

3.676 

0.497 x 106 
0.670 x lo" 
0.655 x 106 
0.633 x 106 
0.606 x lo" 
0.578 x 106 
0.549 x 10" 

0.568 x 10" 

1.000 

1.222 
1.224 
1.223 
1.213 
1.196 
1.172 

1.120 
1.124 
1.131 
1.137 
1.141 
1.143 
1.141 
1.135 
1.111 

1.043 
1.045 
1 .w 
1.051 
1.055 
1.058 
1.062 
1.066 
1.071 
1.074 
1.064 

1 .Ooo 

100.0 

19.2 
20.5 
22.5 
25.1 
27.9 
30.7 

20.0 
21.2 
23.0 
25.0 
27.4 
30.2 
33.1 
35.3 
41.9 

78.8 
77.8 
76.2 
74.3 
72.3 
69.9 
67.3 
64.4 
57.8 
50.3 
34.3 
- 

- 
19.5 
20.7 
22.8 
25.1 
27.4 
29.8 

60.3 
58.0 
54.5 
50.4 
45.7 
40.4 
34.4 
28.6 
15.2 
- - - - - - - - - - - 
- 

0.563 x 106 
0.556 x lob 
0.548 x IO" 
0.538 x 106 
0,528 x le 
0.515 x lob 
0.503 x 106 
0.475 x 106 
0.475 x le 
0.474 x 106 
0.472 x lo4 
0.470 x 106 
0.468 x 10" 
0.465 x 104 
0.463 x 104 
0.460 x 10-6 
0.453 x 
0.445 x 106 
0.428 x IO" 

0.393 x lob 

1% 1% 1 Y ? 4  % 

107 
107 
107 
107 
107 
107 
107 
107 

108 
108 
108 
108 

1.06 
1.25 
1.50 
1.75 
2.00 
2.25 
2.50 
2.75 

2.977 
3.019 
3.085 
3.158 
3.238 
3.336 
3.435 
3.537 

0.524 x 1@ 
0.517 x lo" 
0.506x.106 
0.496 x 10" 
0.480 x 
0.464 x 10" 
0.447 x le 
0.450 X 106 

1.184 
1.189 
1.395 
1.197 
1.195 
1.187 
1.174 
1.156 

16.9 
17.9 
19.4 
21.0 
22.7 
25.0 
26.9 
29.1 

16.8 
17.8 
19.2 
21.0 
22.8 
25.0 
27.7 
30.2 

17.1 
18.0 
19.5 
21.2 
23.1 
25.0 
27.1 
29.3 

49.1 
46.3 
41.9 
36.9 
31.4 
25.0 
18.2 
11.3 

1.06 
1.25 
1.50 
1.75 
2.00 
2.2.3 
2.50 
2.75 
3.25 
3.75 

3.325 
3.345 
3.376 
3.411 
3.452 
3.498 
3.543 
5.603 
3.731 
3.873 

1.097 
1.101 
1.106 
1.111 
1.117 
1.121 
1.124 
1.126 
1.123 
1.108 

17.3 
18.1 
19.4 
20.9 
22.6 
24.5 
26.5 
28.7 
34.6 
40.6 

17.8 64.9 
18.6 63.2 
19.9 60.7 
21.4 .57.7 
23.0 54.3 
25.0 50.5 
27.2 46.3 
29.6 41.6 
33.9 31.6 
39.5 19.9 

0.447 x I@ 
0.445 x lo-" 
0.441 x 106 
0.437 X 10" 
0.432 x 10" 
0.427 X IO" 
0.4'21 x 10" 
0.415 x le 
0.383 X 106 
0.400 x 106 

108 
108 
108 
108 
108 
108 
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Table 6-34 
(continued) 

1 2 3 4 5 6 7 S 9 10 11 
Elastic 

Rod co~tunt, Fmquency Rod sling, I of each 
Rod* weight laperlbft Pactor, 
no. inches lbperft E. F. 1% 1% 1 % Y  M 
109 1.06 3.839 0.378~ 1(r6 1.035 18.9 81.1 - - - - 
109 1.25 3.845 0 .378~  106 1.036 19.6 80.4 - - - - 
109 1.50 3.855 0 . 3 7 7 ~  lo4 1.038 20.7 79.3 - - - - 
109 1.75 3.867 0.376~ lo4 1.040 22.1 77.9 - - -  - 
109 2.00 3.880 0.375X 106 1.043 23.7 76.3 - - -  - 
109 2.25 3.896 0 .374~  106 1.046 25.4 74.6 - - -  - 
109 2.50 3.911 0.372x1@ 1.048 27.2 72.8 - - -  - 
109 2.75 3.930 0.371 XI@ 1.051 29.4 70.6 - - -  - 
109 3.25 3.971 0.367X I@ 1.057 34.2 65.8 - - - - 
109 3.73 4.020 0 . 3 6 3 ~ 1 0 ~  1.063 39.9 60.1 - - -  - 
109 4.75 4.120 0.354X lo4 1.066 51.5 48.5 - - - - 
*Rod No. aham in first column refers M the largest and smallest md dm in eighthn of an inch For example, Rod So. 76 is B -way taper 
of Y and % mds. Rod No. 85 is a fourway hper of Y, ?4, %, and Y m d a .  Rod No. I09 is a twoway taper of 1% and 1% rod% Rod No. 77 is P 
straight string of k: mds, etc. 

(kd c o n t i d  j b m  pw 625) 

4. minimum polished rod load, lbf 
5. peak torque, lbf-in 
6. polished rod horsepower, hp 
7. counterbalance effect, lbf measured at polished rod 

The calculation sequence is shown in Figure 6-123. Blank calculation sheets 
similar to Figure 6-123 can be obtained from API. The stepwise sequence for 
performing the calculations is described below. 

Step 1. Record on the calculation sheet the factors Wr, E ,  F,,, from Table 6-34 
and E, from Table 6-34 for the selected rod design (calculation lines 1-4). 

Step 2. Using the data recorded in Step 1 and the given data, compute the 
nondimensional parameters F,/Skr, N/N,, N/N, and the term l/k, (calculation 
lines 5-11). 

Step 3. Compute the effective stroke length Sp and the pump displacement PD 
(calculation lines 12-14). For line 12, one needs to get S S from Figure 6124 
using the previously computed values for F,/Skr and Id /No. 

Step 4. Compare the computed pump displacement with that desired. The 
calculated value of PD is 175 bbl/d. Use Equation 6-197 to compute Q and 
compare it to the desired Q: 

Q = EV x PD 

= (0.85) x 175 bpd = 149 bpd 

This is close enough to the desired production to proceed to the next step 
of the calculations. 

Calculation line 14 is a crucial intermediate checkpoint. If the production is 
close to the desired production, then one should proceed with calculation lines 
15 through 27. However, if production is considerably different from that 
desired, one should make different selections for some of the eight parameters 
that are listed on the calculation sheet as known or assumed data. Parameters 
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22. T. = 

that allow greatest change in pump displacement are stroke length and plunger 
diameter. Stroke lengths should be selected that are available from the manu- 
facturers’ catalogues, stroke and speed combination should not allow rods to 
float, and the plunger diameter should be one possible for the given tubing size. 
When relatively small adjustments are needed, one usually changes pumping 
speed first, then changes stroke length if necessary. 
In making calculations for lines 5 through 11, one should try to select input 

data that will keep F&3kr less than about 0.35 and N/N, less than about 0.5 
for optimal pumping performance. 

Step 5. Compute nondimensional terms for calculation lines 15 through 17. 
Step 6. Using the previously computed values for FJSk,, N/N;, and N/N, record 

from Figures 6-125 through 6-128 the values needed in lines 18 through 22. 
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1 .o 
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0.6 

0.5 

0.4 
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0.1 

0 

.. - 
% 

*, Plunger Stroke Factor 

Figure 6-124. Plunger stroke factor [57]. 

Note the special correction procedure needed for Ta from Figure 6-129 when 
Wrf/Skr is different from 0.30. 

Step 7. Compute the five operating characteristics of the pumping unit. This 
step is the final one in the calculation sequence if the operating characteristics 
are acceptable. However, because the overall task is to design not just a 
feasible pumping unit but rather to seek an optimal design, it may be 
necessary to select other alternate values for the assumed data and then repeat 
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1.2 

1.1 

1 .o 

0.9 

0.8 

0.7 

Skr 0.6 

0.5 

0.4 

-EL 

0.3 

o.212cE&i2 0.4 0.5 0.6 

0.1 0 

0 0.1 0.2 0.3 
N - 
No 

fi, Peak polished rod load sk, 
Figure 6-125. Peak polished rod load factor [57]. 

the calculation. It is the repetitive nature of the calculation that makes it 
attractive for a computer solution. 

Testing the Deslgn. The five operating characteristics of the pumping unit 
(lines 23 through 27) are used to specify more completely the selected unit. The 
operating characteristics will allow one to: 

a. determine whether the rods are overstressed 
b. specify feasible specifications for pumping unit such as: 

1. Peak torque 
2. Structural capacity 
3. Stroke length 
4. Prime mover horsepower 

(text continued on pagc 634) 
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I 
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-r I .4 L- 
Y J t;' .5 

- 
r 

" 0  .2 .3 .4 .5 .6 .7 
N - 
No 

-fr, Minimum polished rod load 
Skr 

Figure 6-126. Minimum polished rod load factor [57]. 
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U 
0 0.1 0.2 0.3 0.4 0.5 0.6 0.7 

N - 
No Peak torque for values of 

W~/Sb = .3 use torque adjustment 
for other values of W,$3k,. 

2T T ,  Peak torque 
S k r  

Figure 6-127. Peak torque factor [57]. 
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h, Polished rod horsepower 
Skr 

Figure 6-128. Polished rod horse power factor [57]. 

(text continusd f iom page 631) 

An explanation and definition of each of these five operating characteristics 
of calculation lines 23 through 27 is given below. This is followed by a description 
of how to use these operating characteristics to choose feasible specifications 
for the pumping unit operating characteristics. The operating characteristics of 
lines 23 through 27 have the following significance. 
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Nf, 
To use: Multiply % indicated on curve by 

For example: !!k = 0.600 0.1 
Skr 

Adjustment = 3% for each 0.1 increase in !!!!!- above 0.3 
Skr 

Total adjustment = 3 x 3% = 9% 

Note: If wrf is less than 0.3 adjustment becomes negative 
Ta = 1 .OO + 0.09 = 1.09 

Skr 

Wl-f 
Skr 

Ta Adjustment for Peak Torque For Values of - Other Than 0.3 

Figure 6-129. Adjustment for peak torque factor [57]. 
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PPRL = peak polished rod load in pounds. This is the maximum load on the 

MPRL = minimum polished rod load in pounds. This is the minimum load 

PT = peak torque in inch-pounds. This is the maximum torque generated 

polished rod during the upstroke. 

on the polished rod during the downstroke. 

on the gear reducer during the pumping cycle. 
PRHP = theoretical horsepower needed by the pumping unit. 

CBE = Counterbalance effect. This is the pounds of counterbalance effect 
measured at the polished rod needed to properly counterbalance the 
unit. It is not equal to the pounds of counterbalance weights needed. 
See discussion below. 

Rod Stress. One should use the PPRL and MPRL in a stress analysis of the 
rod string to determine whether the rods are overstressed. For this, the Goodman 
diagram is used. The procedure is explained using the above calculation example. 

Step 1. Convert the rod loads (PPRL and MPRL) to stress by dividing by the 
rod cross section area. 

Since PPRL and MPRL are computed at the polished rod, one uses the cross- 
section area of the largest rod (+-in. diameter in this case). The cross-section 
areas of the rods are listed in Table 6-23. For +-in. rods, the cross-section area 
is 0.601 in.*. The stress’s are 

MPRL - - 5y2491b =8,7341b/h.’ 
Rod area 0.601 in.‘ 

Step 2. Select the rod grade and tensile strength. Refer to Table 6-27. Let us 
assume that the rods are Grade C. These have a minimum tensile strength of 
90,000 lbf/in.*. Minimum rather than maximum tensile strength is used to give 
a more conservative design and to reduce the possibility of rod failure. 

Step 3. Apply the modified Goodman diagram equation. Refer to the section 
titled “Allowable Rod Stress and Stress Range” for a discussion of this equa- 
tion. Thus 

SA = (T/4 + 0.5625 x S,,,) x SF 

where T = minimum tensile strength in psi 
Smh = minimum tensile stress experience by the rod 

S, = service factor 
SA = allowable maximum stress in rod in psi 

Here T = 90,000 psi for a Grade C rod 
S- = 8734 psi from Step 2. 

Let us assume a service factor of 1.0, i.e., normal noncorrosive conditions 
(no H,S, CO, or brine) 

Step 4. Compute SA: 

SA = (T/4 + 0.5625 x S,J x SF 

= (90,000/4 + 0.5625 x 8734) x 1.0 = 27,412 psi 
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Step 5. Compare allowable maximum stress SA with the design maximum. 
The API RPllL design gives a maximum stress of 23,887 psi. The modified 

Goodman diagram allowable stress is 27,412 psi. Thus this rod string will not 
be overstressed. The design stress is (23,887/27,412) x 100 = 87% of the maximum 
stress. The actual design stress should not be more than 95% of the Goodman 
diagram allowable stress. If this percent value is much less than 50%, a lighter 
rod string could be used. The comparison of actual to allowable stress in this 
step is critically dependent upon the value chosen for the service factor. In this 
example, a service factor of 0.80 would mean that the allowable stress was 

SA = (90,000/4 + 0.5625) x 0.80 = 21923 psi 

which gives a percentage of the allowable stress of 

and so the rods would be overstressed. 

Peak Torque. The calculated peak torque for this example design is 133,793 
lb-in. The unit selected must have a gear reducer torque rating larger than this 
computed value. Refer to Table 6-22 for available ratings. Any unit having a 
rating of 160,000 lb-in. or larger would serve. Normally one would choose a 
160,000-lb-in. unit rather than a 228,000 or 320,000-lb-in. unit. Normal notation 
is to refer to a 160,000-lb-in. unit as a 160 unit. 

Structural Capacity. Structural capacity is based on the peak polished rod load 
(PPRL). In each torque rating class, several structural capacities are available. 
One chooses a structural capacity rating larger than the PPRL. A 17,300-lb 
structural capacity unit would be selected here. 

Stroke Length. Although a stroke length of 54 in. was initially chosen, one now 
needs to see if the selected pumping unit with 160,000 lb-in. of torque and 
17,300 lbf structural capacity is available in a 54in. stroke. The API unit closest 
to that desired is 160-173-64. The 64 refers to the largest stroke available in this 
size. One would need to check manufacturers' catalogues to see what smaller 
strokes are possible for a 160-173-64 unit. If, for instance, a 53-in. stroke were 
available as a second stroke length setting, one would need to increase the 
pumping speed slightly to overcome the reduction in stroke length. 

Prime Mower Horsepower. The computed polished rod horsepower rating 
PRHP is a theoretical horsepower value and is less than the rated capacity of 
any prime mover that should be selected. The value also does not indicate 
whether one should use an electrical motor or an internal combustion engine. 
Refer to the section titled "Selecting Prime Mover Site" for a discussion of prime 
mover selection criteria. If a slow-speed internal combustion engine or a high 
slip NEMA D electric motor were selected, the prime mover horsepower would 
be computed by Equation 6-194 
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Note that the actual lifting depth, 4500 ft, and the surface flow rate 150 bpd 
were used. The efficiency given as 85% is incorporated into the value selected 
for PMF. One would choose the next size larger available nameplate rating for 
the engine or motor to serve as prime mover. 

Analyzing Existing Pumping Units 

Several different procedures are available to test an existing pumping installa- 
tion. Because causes of malfunction are many and because the observed con- 
sequences of many malfunctions can be the same, the process of identifying one 
or more problems that can exist can be complex. In most instances, the most 
rapid and accurate analysis will occur where the largest amount of precise data 
are available. The benefit of the extra data comes in less work over expense 
and less lost production due to downtime. 

Dynamometers. An extremely valuable tool for analysis of well performance is 
the well dynamometer. Several manufacturers provide these devices that measure 
polished rod load versus polished rod position. The new electronic dynamo- 
meters also allow rod position and rod load to be recorded versus time. If an 
electric prime mover is used, some new dynamometer systems also provide a 
graph of motor current versus rod position and versus time. This latter graph 
is a simple and rapid way to determine proper counterbalance. The load 
measuring part of the dynamometer is attached to the polished rod so that the 
load can be sensed and sent to a recorder. A companion part of the dynamometer 
attached to the walking beam senses the polished rod position and sends it to 
the same recorder. The graph produced is called a dynagraph or more commonly 
a dynamometer or dynagraph card. A typical card is shown in Figure 6-130. 

Force x distance equals work. The dynamometer measures force on the 
polished rod and distance the polished rod moves. The dynamometer thus 

Polished rod card for pumping speed 
greater than zero, N > 0 

Polished rod card for pumping speed, N = 0 

Top of stroke 

Fo = Gross plunger load 

Peak polished 
rod load, PPRl 

Bottom of stroke 

Wlf =Weight of rods 
+ in fluid S 

~ ~~~~ 

Minimum polished rod \ load MPRL 

Polished Rod Position 
Figure 6-130. Dynamometer card [57]. 
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records work done during one pump cycle. Because power is the rate of doing 
work, and because the time to create one pumping cycle, creating one dynagraph 
card is known, the rate of doing work, namely the horsepower at the polished 
rod can be estimated from the dynamometer card. 

The rods, fluid and tubing (if unanchored) constitute an elastic system whose 
motion under the action of the reciprocating pump can be very complex. The 
dynamometer records the changing load versus position at one point in the 
system, i.e., the polished rod. To understand the behavior of the system at points 
other than at the point of measurement is very difficult in many installations. 
Older references to the pumping system as following simple harmonic motion 
represent a gross oversimplification for moderate to deep wells. For such wells, 
the only reasonably precise estimation of downhole behavior based on dynamo- 
meter cards can be obtained through computer programs based on solutions 
to the wave equation such as described by Gibbs [59]. However, for trouble- 
shooting of wells, several types of problems can easily be identified through 
qualitative analysis of the appearance of the dynamometer card. Other problems 
can be identified through simple computations using dynamometer card data. 
In any program of troubleshooting of wells with a dynamometer, it is always 
helpful to have a dynamometer card for the well when it is operating normally. 
The card when taken during a troubleshooting test should be run under identical 
conditions of pumping speed, stroke length and dynamometer constant settings 
as when the well was running normally. In the following paragraphs, some of 
the more common and easily identified problems will be described where these 
problems can be identified through card shape. 

Fluid Pound. Refer to the section titled "Fluid Pound" for a discussion of the 
causes and cure for fluid pound. Its presence is indicated by a relatively steep 
drop in the load somewhere along the downstroke portion of the dynagraph. 
The farther that this drop occurs to the left, the farther the plunger has moved 
down the pump barrel before it hits liquid. A typical example of fluid pound 
appears in Figure 6-181. -4 more severe example of fluid pound is given in 
Figure 6-132. 

Bottom of stroke 
d Top of stroke 

L 

Fluid pound at approx. 70% 
of downstroke 

f Zero load l i ne  

Polished Rod Position 
Flgure 6-131. Example of fluid pound [68]. 
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Figure 6-132. Severe case of fluid pound 1611. 

Gas Pound. This effect is similar to that of fluid pound and cannot always be 
positively distinguished from fluid pound based solely on card shape. Gas pound 
shows a more gradual load decrease on the downstroke relative to fluid pound. 
An example of gas pound is shown in Figure 6-133. 

Well Pumping Off. Under normal conditions, exactly the same dynagraph is 
traced on each pump cycle. However, when a condition of fluid pound exists 
and the drop off of load occurs later and later in the downstroke cycle, then a 
well pump off condition exists. The well cannot produce as much as the pump 
is attempting to lift to the surface so the pump barrel fills less with each 
successive cycle. This condition is shown in Figure 6134. 

Addltional Qualitative Dynamometer Tests. Analysis of problem wells is 
enhanced if a few extra simple tests are made while the dynamometer is in 
place. These tests include (1) traveling valve check, (2) standing valve check and 
(3) counterbalance effect measurement. Each is described below and typical 
diagnostic examples are shown. 

For the traveling valve check, leave the dynamometer in place recording a 
stable card. Stop the pumping unit about half way through the upstroke and 
pull the polished rod position indicator cord sharply four or five times at 1-s 
intervals. A nonleaking traveling valve will show a single horizontal line on the 
card. A leaking valve will appear as in Figure 6-135. The constant line across 
the middle of the diagram labeled “Traveling Valve” is the line that would appear 
for a nonleaking valve. However, when the valve leaks, fluid above the valve 

Figure 6133. Example of gas pound [61]. 
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Flgure 6-134. Example of well pumping off [61]. 

T'RAV. 
--VALVE 

ROD- 
w. 

Figure 6135. Traveling valve with severe leak [61]. 

moves downward through the leak and exerts a pressure on the standing valve 
and reduces the load on the traveling valve and plunger. In the case of a severe 
leak, the entire fluid load will bear on the standing valve and the dynamometer 
will indicate only the buoyant weight of the rods. 

The standing valve check is done in a manner similar to that for the traveling 
valve but on the downstroke rather than the upstroke. At approximately half 
way through the downstroke, stop the unit and pull the polished rod position 
indicator cord sharply four or five times at 1-s intervals. If the traveling valve 
holds and the standing valve leaks, the dynamometer card will appear as in 
Figure 6-136. When the standing valve leaks, the fluid in the barrel, instead of 
going up through the traveling valve, will go downward through the leaky 
standing valve. This fluid motion will cause fluid to move downward through 
the traveling valve causing it to close. The dynamometer will then sense an 
increase in load on the rods. This is the cause for the rise shown on the example 
c a d  in Figure 6-136. 

The counterbalance effect measurement will indicate whether a pumping unit 
is properly counterbalanced. Proper counterbalancing is important to reduce 
power consumption and to ensure long life to the prime mover and pumping 
unit gear reducer. To measure the effect in pounds that the counterweights have 
at the polished rod, install the dynamometer as when preparing a dynagraph, 
then when a stable card has been obtained, stop the unit where the maximum 
counterbalance is operative, Le., where the weights are acting vertically down- 
ward on the upstroke. Install a polished rod clamp above the stuffing box, then 
chain the clamp to the casing head so that the polished rod will not move 
upward when the brake is released. Now release the brake and pull the polished 
rod position indicator cord. The line created on the dynagraph occurs at a load 
equal to the counterbalance effect (CBE). An example of a card for a properly 
balanced well is shown in Figure 6-137. On this figure the normal, nonleaking 
standing valve (SV) and traveling valve (TV) check lines are also shown to 
indicate that effectively counterbalanced units have the CBE line approximately 
half way between the TV and SV lines. 
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Flgure 6-136. Standing valve with severe leak [61]. 

N 
CBE 

8v 

Flgure 6-137. Effective counterbalance [61]. 

Gas LIR 

The technique of gas lift is a very important one, particularly in those cases 
where downhole pumps cannot be used, such as wells on offshore platforms and 
deviated holes. Gas lift utilizes the energy of compression in the gas to decrease 
the hydrostatic gradient in a liquid column and thus cause the column to reach 
the surface. This is accomplished with the use of gas lift valves (pressure and 
flowrate regulating valves) located between the tubing and casing annulus. Gas 
is compressed and fed into the casing annulus and passed into the tubing at a 
regulated rate by a gas lift valve. Then, the combination of gas and well fluid 
is carried to the surface. Here the fluids are separated and the low-pressure 
gas is either recompressed for reuse as gas lift gas or compressed for the sales 
line if excessive gas is produced. At the heart of this artificial lift technique is 
the gas lift valve, which acts as a pressure regulator, attempting to maintain 
either a constant casing pressure or a constant tubing pressure, depending on 
the construction of the valve. 

Gas lift is utilized in one of two ways: (1) by continuous gas injection into 
the tubing causing a continuous flow of reservoir fluid or (2) by rapid injection 
of very large quantities into the tubing, causing a slug of fluid in the tubing to 
be carried to the surface. The valve then closes, awaiting another column of 
fluid to build in the tubing. The first method is called continuous lift and is 
used in wells with production capacity such that it will flow continuously. The 
second method refers to intermittent lifting of wells where the reservoir is of 
very limited productivity. Quite obviously, the intermittent lift method is 
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inefficient and requires specialized surface equipment to handle the large rates 
involved whenever a slug of production reaches the surface. Due to the limited 
use of intermittent gas lift, this treatment will be confined to continuous gas 
lift. Continuous lift can be accomplished with casing-operated valves, tubing- 
operated valves, or valves that have characteristics of both. These will be 
described later. 

The next sections will describe concepts necessary for gas lift design and then 
will give example designs. First, some knowledge of the productivity of the 
reservoir is necessary to determine the required drawdown on the perforations. 
If there is too little drawdown, the well underproduces. If there is too large, a 
drawdown and the perforations (gravel packs, etc.) could be damaged. Conse- 
quently, an engineering knowledge of the production capabilities of similar wells 
is required. 

Another tool needed by the designer is a generator of (computer program) 
or a comprehensive set of gradient curves for multiphase flow of oil, water and 
gas in vertical pipes. These will be described in a later section. Also, an engineer 
designing gas lift installations needs a working concept of valve mechanics. This 
topic is covered in the third section. An important function of gas lift valves is 
to unload the well, that is, remove the casing annulus fluid such that gas can 
be injected into the tubing at the desired depth. This topic is also covered in a 
later section. 

After a working knowledge of these topics is covered, an example design of 
both tubmg-operated and casingqerated valves will be presented. These are offered 
as simple examples under certain assumptions. They can be elaborated upon and 
changed under certain conditions. In other words, there are many sound engineer- 
ing variations leading to working designs. A trained representative of a reputable 
gas lift service company should be consulted for further design techniques. 

Inflow Performance 

Inflow performances of a reservoir can be defined as the functional relation- 
ship between the flowing bottomhole pressure and the resulting flowrate. Several 
models are available, such as straight line (productivity index, or PI), Vogel’s 
method, the Fetkovich method, and others [48]. 

First, the straight line, or PI, is given as the ratio of the total barrels of fluid 
produced to the pressure drawdown across the reservoir (drawdown is defined 
as the average reservoir pressure minus flowing bottomhole pressure), or 

This value can be obtained by direct measurement on a particular well by 
physically measuring the flowing and shut-in bottomhole pressure while also 
noting the surface flowrate. This number is valid only while the oil/water ratio 
for the well remains fairly constant. The effect of changing oiywater ratios can 
be seen below. If measured values are not available, one can estimate the PI 
with the approximate relationship obtained from the Darcy equation. This is 
done by utilizing a typical relative permeability relationship and correlations for 
viscosity and formation volume factors: 
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where Ka = absolute permeability of the rock in darcies 
K, = relative permeability to oil 
K, = relative permeability to water 

B = formation volume factor 
p = viscosity 
H = reservoir thickness in ft 

A second method is that developed by Vogel, originally obtained for volumetric 
reservoirs at bubble point pressure where resulting gas saturations around the 
vicinity of the wellbore cause a decrease in the relative permeability. The 
relationship derived is given as 

where q = flowrate in bpd 
q,, = flowrate at maximum drawdown in bpd 

P, = flowing bottomhole pressure of interest in psig 
P, = bubble point and reservoir pressure in psig 

With this method, a measured value of flawing bottomhole pressure, average 
reservoir pressure and the associated flowrate is required to define q,,. Once 
the equation is thus normalized, it can then be used to predict the well’s 
performance at any drawdown. 

A third method occasionally used is that of Fetkovich, where flowrate is 
given by 

q = C(Pr - Pw)” 

where C and n are constants and must be determined by conducting two 
separate flow tests. The parameter Pr is the average reservoir pressure. 

Example 

A well flowing 50% water (viscosity = 0.5 cp and FVF = 1) and 50% oil 
(viscosity = 4 cp and FVF = 1.5) from a 20-ft-thick reservoir. Core analysis 
indicates the absolute permeability to be 300 md. Estimate the PI of this well. 

Answer 

Assuming typical relative permeability relationships, we estimate the relative 
permeability of the reservoir to oil to be 0.25 and to water of 0.25. This yields 
a PI = 3.25 bfpd/psi. Note that when this well produced all oil, the PI would 
be estimated at 1 bopd/psi. 

If this well is tested at a flowrate of 200 bopd and 200 bwpd, with a shut-in 
bottomhole pressure of 4,500 psig, and a flowing bottomhole pressure of 4,350 
psig, what is the calculated PI? What is the expected production rate for a 
drawdown of 1,000 psi by the Pl method? 

Answer 

P1 = 2.67 bfpd/psi, implying a rate of 2,670 bfpd for a 1,OOGpsi drawdown. 
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If a well is tested at 400 bopd for a drawdown of 150 psi, what does the Vogel 
method predict for a 1,000-psi drawdown? The reservoir pressure (also the 
bubble point pressure) is 4,500 psi. 

Answer 

90 = 6,767 bopd, and yields a flowrate of 2,439 bopd for a 1000 psi-drawdown. 
A second test on this well shows a production rate of 1,000 bopd for a 

500-psi drawdown. What flowrate does the Fetkovich method predict for the 
1,000-psi drawdown? 

Answer 

C = 0.006 and n = 0.79; flowrate = 1,704 bfpd at the 1,000-psi drawdown. 
Neither of these calculation techniques can be considered preferable; each 

depends on the engineer's experience and the actual reservoir conditions. 

Gradient Curves 

The first concept needed in gas lift design is that of gradient curves. For 
the case of single fluid flow in pipes one can calculate the total pressure 
difference between two points with well-defined mathematical equations, requir- 
ing only a friction factor empirical relationship for the case of turbulent flow. 
Even in the case of non-Newtonian fluids, appropriate assumptions have been 
made enabling the calculation of pressure difference with a single equation for 
pipe or annular flow. In the case of multiphase flow involving gas-liquid 
mixtures, a single equation is not possible. Pressure variation along the length 
of the pipe causes gas volume changes. In the case of oil-gas flow, the oil may 
liberate solution gas into the flow stream. Consequently, a change of the in situ 
gas-liquid fraction implies a constantly changing hydrostatic component of 
pressure, a constantly changing friction factor and, possibly, an acceleration 
component of pressure change. 

The only method of calculating pressure differences for multiphase flow is 
to resort to computer numerical evaluation utilizing incrementing type algorithms. 
Starting conditions in the first increment are used to estimate conditions in the 
next increment and so on until the total pressure difference is calculated. 
Calculation techniques are available in the literature such as Poettmann and 
Carpenter, Hagedorn and Brown, Orkiszewski, Beggs and Brill, Duns and Ros, 
and many others [69]. The reader is encouraged to use appropriate computer 
programs with which to obtain gradient curves for design work. The appropriate 
choice of calculation technique is dependent on such factors as the geographical 
area the wells are located, etc. The author will refer to the gradient curves given 
by K. Brown in The Technology of Artzfiwkzl Lift Methods [48]. 

Gradient curves for multiphase flow in vertical pipes are used in one of three 
ways: (1) to predict the pressure at the bottom of a measured interval if the 
pressure at the top of the interval, the gas/liquid ratio, and the liquid flowrate 
are known; (2) to predict the pressure at the top of a measured interval if the 
pressure at the bottom of the interval, the gas/liquid ratio, and the liquid 
flowrate are known; or (3) to predict the gas/liquid ratio required if the 
pressures at both ends of a measured interval and the liquid flowrate are known. 

First, one must realize that the vertical axis on typical gradient curves (see 
Figure 6-138) does not represent absolute depth but rather a relative vertical 
length. The user must determine the appropriate section of a gradient curve 
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Figure 6-138. Example vertical flowing pressure gradient for multiphase flow. 
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to use for his or her particular problem. For (1) above, one first identifies the 
appropriate gradient curve and then locates the pressure of interest at the top 
of the interval, noting the vertical ordinate for that point. The interval length 
of interest is then added to this vertical ordinate. This identifies the appropriate 
interval of interest. The pressure at the interval bottom is the predicted pressure. 
In the case of (2) above, this process is reversed. For (3) above, we imagine two 
vertical lines drawn at the end pressures. These lines intersect the entire family 
of gradient curves, but only one curve (perhaps an interpolated one) has the 
prescribed vertical interval. This process is a trial-and-error one until the correct 
curve is identified. Of course, a computer program with which to calculate 
gradient curves would be somewhat easier to use. 

Example Problem 

Three example problems will be worked below for a well with 2-in. tubing 
(1.995" ID) flowing all oil at a rate of 600 bpd and a GLR of 400 scf/bbl. It is 
assumed that the gas and oil properties given by Brown [48; Sa, page 1941 are 
appropriate (see Figure 6-138). 

1. If the well is flowing with a surface pressure of 400 psig, what is the 
pressure at a depth of 5,000 ft? At 10,000 ft? The answers are 1,520 psig; 
3,280 psig. 

2. If the same well is flowing with a bottomhole pressure of 4,000 psig at a 
depth of 8,000 ft, what is the pressure at the surface? At 4,000 ft? The 
answers are 1,240 psig; 2,520 psig. 

3. The same well is flowing with an unknown gas/liquid ratio. The surface 
pressure is 600 psig and a known pressure of 1,600 psig at a depth of 5,000 
ft. What is the flowing gadliquid ratio? The answer is a pressure difference 
of 1,000 psi over the 5,000-ft interval implies approximately 600 scf/bbl. 

Valve Mechanics 

Gas lift valves, by necessity, are constructed as shown in Figure 6-139, where all 
components must be built into a small cylindrical-shaped tube. The diameter and 
length will vary according to size restrictions imposed by tubing size, mandrel size, 
etc. A typical valve must have a closing force (provided by a spring, gas pressured 
chamber, or both of these), an opening force (provided by a metal bellows upon 
which either tubing or casing pressure acts) and a flow-regulating orifice. 

If tubing pressure is exerted against the bellows causing gas flow regulation, 
this valve is referred to as a tubing-operated or fluid-operated valve. If casing 
pressure is applied on the bellows, causing gas flow regulation, then we have a 
casing-operated or pressure-operated valve. 

Gas lift valves operate similarly to pressure regulators. Note that a casing- 
operated valve acts to maintain a set casing pressure. If casing pressure increases, 
the valve opens further, attempting to relieve the additional pressure. Conversely, 
a pressure decrease causes the valve to pinch down in an attempt to decrease 
gas flow and thereby maintain casing pressure. 

On the other hand, a tubing-operated valve attempts to maintain a set tubing 
pressure. An increase in tubing pressure opens the valve to allow additional gas 
into the tubing in an attempt to lighten the fluid column above. If tubing 
pressure decreases, then the valve pinches down in an attempt to increase the 
tubing fluid gradient by reducing the gas flow into the tubing. There are several 
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I Nitrogen pressure 

a) Casing Operated Valve b) Tubing Operated Valve 

Figure 6-139. Casing and tubing operated valves. 

variations on this arrangement such as balanced valves, etc., but these will not 
be covered here. 

The force balance equations (see Craft, Holden, and Graves [SO]) give the 
following relationships for a casing-operated valve that is open and on the verge 
of closing: 

where A, = area of the valve port 
4 = effective area of the bellows 
S, = spring constant in psig 

P, = bellows pressure temperature T in psig 
P- = casing pressure opposite the valve at closing in psig 

In the case of a valve fully dosed and on the verge of opening, we have the equation 

where P, = tubing pressure opposite the valve in psig 

Note that Pte and Pw are not equal due to the fact that the casing pressure is 
applied to the valve stem during flow and tubing pressure is applied to the valve 
stem during closed conditions. This difference is called the valve spread and is 
utilized in the gas lift unloading process to ensure that valves above the lifting 
valve are closed. Hence, a casingaperated valve will have a gas passage somewhat 

Pd = casing pressure opposite the valve at opening in psig 
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as shown below in Figure 6-140. For exact valve characteristics, one would have 
to consult the valve manufacturer. 

In the case of a tubing-operated valve, the situation is somewhat different in 
that a valve spread is meaningless. One would calculate a valve tubing closing 
pressure at a tubing pressure greater than the valve tubing opening pressure. 
This is impossible; thus the actual closing pressure for a tubing operated valve 
is determined experimentally in a test rack at the shop; however, the valve 
closing equation above for a casing operated valve is very close if we substitute 
tubing pressure for P,. 

Since the bellows volume can be considered constant, the bellows pressure at 
any temperature is related to that at shop conditions of 60°F by the equation 

'bT - - 
Z,(460+T) Z,(460+60) 

The gas deviation factor for nitrogen is given by Sage and Lacy [70] or Craft, 
Holden and Graves [60; Figure 6.131. However, Z factors for nitrogen are very 
close to 1.0 and only deviate from that value by up to 5%. 

Example 

A casing-operated valve is to be run at a depth of 2,000 ft, where the 
operating temperature is expected to be 95°F. The valve has an A,/% ratio of 
0.1, and a spring effect of 200 psig. What nitrogen pressure at depth is required 
in the bellows if the closing pressure desired at depth is 900 psig? What nitrogen 
pressure must be placed in the valve at 60"F? 

Answer 

PbT = 320 psig; P,, = 683 psig using a Z factor of 1.006 for nitrogen at 95°F. 
One must also calculate the pressure increase for static gas columns due to 

its own density. A good approximation for methane is 

6P = 0.25 (PJlOO) (D/lOO) 

For example, if the available casing surface pressure PA is 1,000 psig, then the 
casing pressure will increase 25 psi/l,OOO ft of depth. This can be rewritten as 

operating casing critical flow I A-..pl A> pressure 

Q 
(SCF/Day) 

Pvc Pvo Pcasing- pvo Ptubing - 
a) Casing Operated b) Tubing Operated 

Figure 6-140. Gas passage characteristics for casing and tubing operated 
valves. 
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P, = p,(i + ~ 1 4 . 0  x 104) 

where P, is the pressure at the bottom of an interval D in feet, and Pwh is the 
surface pressure, in psia. Typical gas lift situations have a large annular casing 
cross-section and the gas flow to the valve can be thought of as a static column. 
For greater accuracy, we have 

P, = Pwh exp(O.O1875~D/Z~T~~) 

where Q = gas specific gravity (air = 1.0) 
Zpg = average Z factor over the interval 
Tpg = average temperature of the gas column in OR 

and Whitely [71] have developed the following equation 
For gas flow in small pipes, frictional pressure losses may be critical. Buthod 

P: = B ( P ~  - A ) + A  

where B = exp(O.O376~D/Z.,T,) 
A = 1.51 x (qT,Zaw)n/d5.*3 
d = equivalent flow channel diameter in in. 
q = gas flow rate in Mcf/d 

For example, 300 Mcf/d of gas flow down a 1-in. ID tubing (Q = 0.65, T, = 
560 OR, and Z, = l), with a surface pressure of 1,000 psig, will have a pressure 
at a 2,000-ft depth of 1,025 psig as compared to the expected 1,050 psig for a 
static gas column. 

Unloading the Well 

A phenomena one must address in gas lift design is that of unloading the 
casing annulus. Unloading simply means removing all the casing (packer) fluid 
left in the well between the tubing and casing at the time of completion and 
replacing it with gas down to the point of injection. First, if drilling mud or 
other abrasive fluid is in the casing annulus, it must be replaced with clean 
water by using a circulating pump. In the case of tubing retrievable valves, 
this task is easily accomplished at the time the pulling rig is on location. 
For wireline retrievable valves, a mandrel below the expected point of gas 
injection should be opened, and clean water circulated until the packer fluid is 
completely replaced. 

It is very likely that the desired point of gas injection will be deeper than 
can be unloaded with a single valve. Imagine a U-tube that is filled with liquid 
on both sides and has a gas pressure applied to one side. The fluid will move 
from one side to the other, spilling over at the top, and continuing until the 
pressure at the bottom on both sides become equal. If the U-tube is too long, 
this process will stop whenever the pressures equalize. For example, if the desired 
depth of injection is at 5,000 ft and the casing fluid is formation water of density 
given by 0.465 psvft, a gas pressure at the valve of 2,325 psig would be required 
to unload the well with a single valve. Since this gas pressure is excessive, the 
conclusion is that one simply cannot unload the well with a single valve. 

By this logic, several valves will be needed. The depth to the first valve can 
be determined by the equation 
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Pts + awD1 = P,, + oBDl 

where P, = surface tubing pressure in psig 
P, = surface casing pressure in psig 
a, = water density in psi/ft 
og = average gas density in psi/ft 
D, = depth to first valve in ft 

This equation can be solved either algebraically or graphically (see Figure 6-141) 
by plotting the left and right sides independently, finding the intersection. This 
is done by plotting pressure on the X axis and depth on the negative Y axis 
(standard plot for gas lift design). For example, if the well is being unloaded to 
a separator whose pressure is 50 psi, with a packer fluid of 0.5 psi/ft, and the 
available casing pressure is 1,000 psig, then the first valve can be run as deep 
as 2,000 ft. Of course, a more shallow depth would ensure successful unloading 
to the first valve, but would cause the deepest possible point of lift. 

Once this first valve has been uncovered, it can be used to reduce the 
hydrostatic pressure in the tubing above that point by gas injection. Reduction 
of the hydrostatic pressure simply means that a second valve can be run below 
and the casing gas pressure will push the packer fluid down, through the second 
valve so it can be lifted to the surface by the first valve. Again, the depth to 
the second valve is determined by a pressure balance condition given by 

gradients 

Figure 6-141. Locating the unloading valve depths. 
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where om, = the average minimum two-phase gradient that can be developed 

The value of P, to be used here may differ from that used to locate the first 
valve. For example, a design for casing-operated valves will require that the 
casing pressure be reduced. Therefore, the value to be used is the surface casing 
pressure available for that valve. In the example above for the first valve, assume 
the average minimum gradient to be 0.15 psi/ft and the surface casing pressure 
available for the second valve is 975 psig. The deepest depth to which the second 
valve can be run is therefore 3,421 ft. 

This process would continue to locate subsequent valve depths until the casing 
pressure (right side of the equation) can no longer produce the minimum 
gradient. Note that the distance between valves is decreasing. Typically, whenever 
a minimum incremental distance (on the order of 400 ft or less) or the expected 
lift depth is reached, several valves will be positioned, if possible, at this distance 
apart. This accounts for any errors made in the design and increases the 
probability that one of these valves will be the optimum lift depth. 

At this point, another definition is needed, that of the deepest point of 
injection. This depth is defined by the equation 

by the first valve in pswft. 

FBHP - o,(D, - Div) = Pa,* + DiVog 

where FBHP = flowing bottomhole pressure in psig 

the lift valve in psi/ft 
0,. = average flowing gradient in the tubing from the perforations to 

D, = total depth of the well to the perforations in ft 
D, = depth to the injection valve in ft 

Pea,.. = surface casing pressure operating the lift valve in psig 

The average flowing gradient in the tubing can be estimated to be the average 
density of the flowing liquids. This assumes that essentially no gas is liberated 
from solution until the liquid is above the lift valve. If, on the other hand, gas 
is liberated, then a straight line approximation is no longer valid, and a gradient 
curve should be used to approximate the second term on the left side of the 
equation above. Graphically, we can solve the above expression as shown in 
Figure 6-142. 

Now, the logic of the unloading process must be explained. First, the casing 
operated valve design will be examined. An adjustable gas flow valve at the 
surface at the entrance to the casing annulus is required to have the valves 
function properly. Note that once lift is achieved, opening the surface casing 
valve will cause an increase in the casing pressure and will thereby cause the 
lift valve to open (allowing more gas into the tubing) since a casing-operated 
valve attempts to maintain a preset value of pressure. Conversely, pinching down 
on the surface valve causes the lift valve to reduce the gas passage. This is true 
unless the valve is fully opened and flow through the orifice is critical. 

In the unloading process, gas pressure is applied to the casing annulus, 
causing water to be pushed through the valves until the first valve is uncovered 
and begins passing gas. To maintain a constant casing pressure, the surface valve 
is set to a gas flowrate that is essentially equal to the gas passage rate of the 
first valve that is now uncovered. Remember, packer fluid is being pushed 
through lower valves into the tubing and is being lifted to the surface by the 
first valve. Once the second valve is uncovered, gas is passed into the tubing 
by both valves. However, since the surface valve is set to a rate equal to one 
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Figure 6-142. Locating the injection valve depth. 

valve, the casing pressure will drop. The second valve closes when the casing 
pressure drops to the set closing pressure of the first valve. The casing pressure 
will then remain at this new, lower valve as long as the surface valve has a 
flowrate equal to that of the second valve. By manipulating the surface valve, a 
pumper must at this time ensure that the casing pressure remains at this new 
value, below the opening pressure of the first valve. 

This process is repeated when the third valve is Uncovered, and the casing 
pressure is again lowered, consequently closing the second valve. This continues 
until all the unloading valves have been closed and the lifting valve is the only 
valve injecting gas into the tubing. Note that if the well supplies formation fluid 
at such a rate that the next lower valve cannot be uncovered, the well is flowing, 
which is the desired result. If conditions become favorable in the future, the 
next valve may be uncovered and the well will begin lifting from the lower valve. 

The use of casing-operated valves implies that one has temporarily available 
gas at a higher than lift pressure for the unloading process, or the well will be 
lifted with less than available casing pressure, thereby lowering efficiency. 
However, due to the operating characteristics of casing valves, the pumper, by 
manipulating the surface valve, has some surface control of the lifting valve. 
This design could not be used in the case of a dual lift, that is, when there are 
two tubing strings in a single wellbore. 

Tubing-operated valves are sometimes referred to as automatic valves since 
the unloading process proceeds without pumper assistance. These valves respond 
primarily to tubing pressure and one causes the valves to respond to tubing 
pressure only by maintaining a constant casing pressure. The design process is 
done graphically, and requires first that the injection valve depth be identified, 
and then that the expected lifting gradient be determined. Since the flowing 
gradient-injection valve intersection determines a pressure and depth, and the 
flowing surface tubing pressure is known, the lifting gradient can be obtained 
from a family of gradient curves as described above in the gradient curve section 
or by a computer program. 
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The depth to the first valve is obtained as described above. The valve closing 
pressure is now dictated to be a value as close to, yet greater than, the lifting 
gradient; that is, to the right of the lifting gradient on a graphical design. This 
condition is required such that when this lifting gradient is achieved by the 
lifting valve, all valves above will be closed. The process starts with gas pressure 
applied to the casing annulus, causing the water to be pushed through the valves 
and up the tubing to the surface. When the first valve is uncovered, it will 
lighten the f h id  column above because a temporary lifting gradient from the 
first valve is created when water enters the tubing from lower valves. This 
temporary gradient will become lighter and approach the final lifting gradient 
but not reach it due to the valve closing tubing pressure. Consequently, the depth 
to the second valve is found by the condition where 

P, + P, + P- + o,(Dn - D1) = P, + ogD2 

where P,, = total pressure difference of temporary gradient in psi 
Pslferg = small margin to ensure flow through valve in psi 

Once the depth to the second valve is determined, its valve closing pressure 
is also chosen at a tubing pressure that is larger than the lifting gradient at 
that depth. Again, a temporary gradient is found from the surface unloading 
pressure to the second valve, and the above process is repeated for the next 
valve depth. This process continues until a transfer can be made to the injection 
valve found earlier. 

Tubing-operated valves are typically used whenever minimal pumper sur- 
veillance is desired. Also, in the case of dual completions, tubing-operated valves 
are the only choice. Tubing-operated valves allow maximum utilization of the 
available casing pressure, thereby increasing efficiency. However, a string of 
tubing-operated valves usually require more unloading valves than a string of 
casing operated valves. 

Tubing Operated Valves Example 

Now that all the tools have been developed, a comprehensive example using 
tubing operated valves (see Figure 6-143) will be presented. The well is 10,000 
ft deep (23-in. tubing) with a shut-in bottomhole pressure of 4,000 psig and a 
measured PI of 1.33 bfpd/psi. The well flows 20% oil (SO' API) and 80% water 
(specifc gravity of 1.07). The surface pressure during lift is expected to be 50 psig, 
and the available gas pressure is 1,000 psi (approximately 0.025 psi/ft increase 
due to density). The bottomhole temperature is 200 OF and the expected flowing 
temperature is 100°F. The design flowrate is 800 bfpd. 

The flowing bottomhole pressure is 3,400 psi. The expected gradient below 
the injection valve is 0.45 psi/ft. This information indicates the lowest possible 
point of gas injection to be at 4,950 ft, where casing pressure is equal to the 
flowing tubing gradient. Consequently, the design point of injection is chosen 
at approximately 4,700 ft where a differential of 100 psi is available between 
the tubing gradient and casing pressure. This differential allows for the pressure 
loss for gas flow through the valve and a safety margin for design error. 

The packer fluid is assumed to be 0.5 psi/ft density. An actual value can be 
used if it is known. However, since lease water is typically used, a high estimate 
is used as a design factor. This implies that the first valve can be run as deep 
as 2,000 ft. In the case of mandrels already run in the well, any depth above 
2,000 ft would work. The second valve depth is determined by first finding the 
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Figure 6-1 43. Example design using tubing-operated valves. 

design GLR curve from the lowest valve. By trial and error, the GLR curve 
connecting the surface tubing pressure of 50 psi and the design point of 
injection-flowing gradient intersection of 1,020 psi at 4,700 ft is found to be 
approximately 210 scf/bfpd. This GLR curve indicates a pressure of 350 psi at 
2,000 ft. Consequently, the closing pressure of the first valve must be greater 
than 350 psi. The actual number is dependent on engineering judgment and 
the manufacturer of the valve used. In this example, we choose 425 psig, or 75 psi 
greater than the GLR curve. 

A column of water will exist between the first and second valve, and a 
temporary GLR curve will exist between the first valve and the surface. The 
temporary gradient must be at least as heavy as 425 psig at the first valve since 
this is the closing pressure of the first valve. For a design factor, we will choose 
475 psi, which we will call the transfer point. Adding a water column of 0.5 
psi/ft to this 475 psi, we see that this tubing pressure is equal to the casing 
pressure at a depth of 3,200 ft. Note that once the second valve begins admitting 
gas into the tubing, the gradient will become lighter and begin closing the first 
valve. During the time when the gradient from valve two is somewhat heavy, 
the first valve will be open and assist in reducing the gradient. Also, if no fluid 
is in the casing, such as with a well shut-in after it has been unloaded, the 
deepest valve that can open and allow gas into the tubing will do so. This would 
then start a process similar to unloading in that the opened valve lightens the 
gradient, allowing a deeper valve to begin passing gas and thus close the valve 
above. By definition, this condition must exist somewhere in the well; we simply 
cannot gas lift the well if the liquid column is below or unable to open the 
lowest valve. 



656 Production 

The lifting gradient has a pressure of 600 psig at the second valve at 3,200 
ft. A typical closing pressure of 650 psi is chosen for the second valve, and the 
liquid column transfer point from the third valve is chosen at '700 psi. This gives 
a depth of 4,000 ft for the third valve. The gradient pressure at the third valve 
is 815 psig, giving a closing pressure of 860 psig and a transfer point of 900 
psig. The fourth valve is therefore located at 4,400 ft with a gradient pressure 
of 860 psig. The valve closing pressure is taken as 950 psig and the transfer 
point as 985 psig. 

This unloading process continues uncovering the next lowest valve and closing 
the valve above until a reservoir drawdown is achieved and formation fluid is 
lifted. In the example, formation fluid will be lifted by the third valve during 
the unloading process, but will be in small volumes since it will be on the order 
of perhaps 400 bfpd according to our PI information. If the PI used is correct 
and the lower valves are sized to input the correct gas flowrate, the well will 
continue to increase the drawdown until the last valve is lifting the well. If we 
can expect the well to produce 50 Mcfpd from the formation, then an injection 
rate of approximately 118 Mcfpd is required to bring the GLR up to 210 scf/bf. 
The valve chosen must be capable of varying gas flowrates from the 118 Mcfpd 
to 168 Mcfpd by throttling to accommodate those situations where the formation 
gas does not materialize, such as in the case of heading, etc. Its closing pres- 
sure will be less than 1,000 psi, the value of the final lifting gradient at the 
valve depth. 

Note that if our PI information were incorrect, a GLR gradient would indeed 
establish itself. For example, if the actual PI is higher, then the well will lift 
from a more shallow valve, perhaps the third or fourth. This would be a heavier 
gradient than the 210 GLR designed, but would establish itself at a greater liquid 
flowrate determined by the available gas and GLR actually established. If, on 
the other hand, the actual PI is less than expected, the well will unload to the 
deepest valve and establish a flowrate of less liquid with the available g a s  passage 
rate at a steeper lifting gradient. The designer must be aware of both of these 
possibilities since a greater than expected liquid flowrate can be damaging to 
the formation (gravel pack, etc.) as can a greater than expected drawdown across 
the formation. 

A malfunctioning gas lift design would require testing to determine the 
difficulty. For example, a casing fluid level determination as used in pumping 
wells can be useful in cases when the unloading process is not successful. Also, 
a flowing pressure survey (pressures taken while the well is lifting at various 
points in the tubing) can determine the actual point of gas injection. Pressure 
charts on the tubing and casing can sometimes pinpoint lift problems. Further- 
more, a temporary increase, if available, of the casing pressure will help ensure 
a successful unloading of the well. After unloading, the casing pressure can be 
reduced to the designed value. 

Casing Operated Valves Example 

The same well described in the tubing-operated valves example will now be 
designed for gas lift with casing-operated valves. Several design techniques are 
available for casing-operated valves and one of these will be presented here. 
Further, an important assumption must be made concerning the casing pressure 
available. In this example, it is assumed that the 1,000-psi lift gas is the maximum 
available pressure, that is, casing pressure cannot be increased, even temporarily. 
This assumption implies that the available casing pressure must be able to open 
all valves, even when there is no packer fluid in the casing annulus. This is the 
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case whenever the well is shut-in (no packer fluid in the casing annulus) and 
the unloading valves are used to again start the well flow. 

Some repetitive calculations are required since the actual operating casing 
pressure is not known until later in the design procedure. This is due to the 
fact that the casing pressure is reduced in order to close the upper valves. 
First, casing pressure traverses are drawn on the pressure versus depth (see 
Figure 6-144). Lines spaced 50 psi apart are drawn for reference. The static 
tubing pressure and flowing tubing pressure lines from the perforations are also 
placed on the graph. 

The depth to the first valve is found in the same way as the tubing operated 
valves at 2,000 ft. Because of the condition mentioned above, the opening 
pressure of the first valve is chosen to be 1,050 psig, or the casing pressure at 
depth. If the valves chosen have an w% of 0.067, the closing pressure of the 
valve at depth is 980 psig. This is an observed surface casing pressure of 
approximately 930 psig. Also, if the valve has a 200-psi spring effect, the required 
bellows pressure at depth is 793 psig, or a test rack pressure of 702 psig nitrogen 
pressure must be loaded into the bellows at 60°F. This surface casing pressure 
of 930 psig becomes the operating pressure of the second valve. 

The depth to the second valve is chosen as that depth at which the U-tube 
pressures are equal: that of the casing (corresponding to a surface casing 
pressure of 930 psig) and the tubing. The tubing pressure is again a water 
gradient between the first and second valves and a GLR gradient from the first 
valve to the surface. A convenient gradient to use is the design lifting gradient 
from the deepest valve. Since this depth is not known at this point, it must be 
decided. By knowing the valves below the first are to be closed by a decrease 
of 30 psi surface casing pressure, we determine that four valves are needed. This 
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Figure 6-1 44. Example design using casing-operated valves. 
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implies that the final surface casing lifting pressure is 870 psig and the design 
depth of injection is approximately 4,400 ft. Using the Hagedorn-Brown correla- 
tion, the design GLR curve is found to be approximately 230 scf/bbl. 

The logic of using this GLR curve as the gradient above the valves is that 
during unloading, the valves can certainly achieve this condition since this is 
the design lift condition. Consequently, using a transfer point of 400 psig and 
a 0.5 psi/ft water density, the second valve should be run at 5,250 ft where the 
casing pressure at depth is 1,025 psig. The closing pressure of the second valve, 
therefore, is taken to be 995 psig (surface casing pressure of 920). This casing 
pressure becomes the operating pressure for the third valve, which has a value 
of 1,010 psi at the third valve at a depth of 4,000 ft. This valve depth is found 
by using a transfer point of 635 psig at the second valve. The closing pressure 
of the third valve is therefore 980 psig (a surface casing pressure of 870 psig). 
Since this is the last valve to close, the operating pressure for the lift valve is a 
surface casing pressure of 870 psig. 

The closing pressure of the valve at 4,400 ft must be chosen such that the 
gas rate through the valve achieves the design GLR curve of 250 scf/bbl. If the 
formation can furnish 50 Mcfpd, then the valve must supply an additional 134 
Mcfpd. This setting would depend on the type of valve and manufacturer used. 

With an expected surface flowing temperature of 100°F and a Bht of 2OO0F, 
the design temperatures at the valves are 120, 132.5, 140 and 144°F. The bellows 
pressures needed in the second and third valves are therefore 808 and 793 psig. 
The surface rack nitrogen pressure needed for proper operation is 700 and 
678 psig. By the choke equation [60], the orifice required in the lifting valve 
should be taken as *-in., ensuring that excessive flowrates are prevented since 
this represents a maximum flowrate of 150 Mcf/d. 

011 Well Jet Pumps 

An oil well jet pump is a venturi-type device where high-pressure fluid is 
caused to accelerate to a high velocity and thereby create a low-pressure area 
into which reservoir fluids will flow. The pump has no moving parts. A typical 
downhole jet pump is shown in Figure 6-145. A closer look at the effective 
mechanism is shown in Figure 6i146. These pumps require a high-pressure fluid 
pump on the surface, and this fluid is circulated down the well, typically the 
tubing. The fluid flows through the jet causing a low-pressure region, and the 
power fluid-produced fluid mixture is brought to the surface by a second 
conduit, typically the casing annulus. Once installed, the pump jet can be 
changed by simply reversing circulation and circulating the pump up the tubing 
to the surface for repair. A replacement is pumped into place. 

Jet pumps can produce high volumes and can handle free gas very well. 
However, they are not as efficient as positive displacement pumps, thus leading 
to higher surface horsepower requirements. A thorough coverage of the applica- 
tion of jet pumps is given by Petrie et al. [72]. This type of pump is very useful 
in certain situations, for example, where high production rates are desired. Also, 
locations where beam pumping units, for whatever reasons, cannot be used, such 
as populated areas, offshore platforms, where gas lift is not available, etc., are 
all possible installations for this pump. Deviated wells are candidates as well if 
gas lift is not possible. 

Since fluid density, gas and viscosity effects are variables needed in the 
calculations to simulate a jet pump performance, the calculations are complex 
and require iterative solutions. Here, the computer enters the picture. Any 
service company in the jet pump business can furnish characteristic plots of the 



Artificial Lift Methods 659 

TYPICAL SINQLE SEAL 

JET PUMP 
POWER FLUID 

PUMP TUlllNQ 

CASlNa 

-- 
- 
- 

NOZZLE 

THROAT 

- 
- 

DIFFUSER - 

- COMBINED FLUID RETURN 

WELL PRODUCTION - 

Figure 6-16. 

form shown in Figure 6-147. This plot is for a particular pump size and well 
since the PI of that well is needed as well as tubing length and diameter, fluid 
type, and fluid properties. However, once this plot has been generated, an 
engineer can predict the power fluid and surface pressure requirements for a 
desired production rate. Since the pump size is known, the intake pressure 
generated is predicted as well. Since PI must be known to design any lifting 
mechanism, the well's performance will follow the PI line overlaid on the graph. 
Note that the cavitation zone is also shown, above which the pump cannot 
operate. That is, if one attempts to pump a very high rate of power fluid at 
a high surface pressure, the pump will cease pumping reservoir fluid due 
to cavitation. 
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Figure 6-146. 
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The first step in the design process is to determine the pump minimum 
annular area needed to avoid cavitation. This is done with the equation 

ASM = (AT - AN) 

or 

QS GS + QS(1- WC)GOR M M = -  - 
691 PS 24650PS 

where AT = flow area of the throat in in? 
AN = flow area of the nozzle in in.¶ 
GS = gradient of the produced fluid in psi/ft 
PS = producing bottom hole pressure in psia 
QS = production flow rate from formation in bpd 

GOR = producing gas oil ratio in scf/bbl 

A nozzle and throat combination which has an annular area greater than ASM 
would then be chosen from a 
the partial list below: 

Nozzle 

list of standard nozzle and throat sizes such as 

Throat 

No. Area 
DD 0.001 6 
cc 0.0028 
BB 0.0038 
A 0.0055 
B 0.0095 
C 0.0123 

etc. 

The next step becomes one 

No. Area 
000 0.0044 
00 0.0071 
0 0.0104 
1 0.0143 
2 0.0189 
3 0.0241 

etc. 

of trial and error. The curves such as Figure 9 
must be developed, assuming several surface-operating pressures and conducting 
the iterative calculations for each. The iterative nature is due to the fact that 
flowrates in the tubing and casing annulus (or another tubing string, depending 
on the actual configuration of the well) are required to calculate frictional 
pressure losses, but are not known until final pressures are known. The power 
fluid rate is determined by the nozzle equation 

QN = 832 AN 4- 
GN 

where PN = pressure at the nozzle entrance in psia 
PS = producing bottomhole pressure in psia 

GN = gradient of the power fluid through in 
QN = power fluid flowrate through nozzle in 

psi/ft 
bPd 

The produced fluid is the sum of the power fluid and reservoir production. 
This combination may require the use of two-phase flowing gradients such as 
described in the section on gas lift to predict the flowing gradient. As one can 
see, this procedure becomes very complex and is not efficient for each operating 
engineer to attempt, especially since computer programs are already available 
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with which to make these calculations. Any of the major vendors (National, 
Guiberson, or Kobe) can furnish this service. 

For example, a particular well has a PI = 2.65 bfpd/psi, and is expected to 
flow approximately 2,000 bfpd (98% water of sp. gr. = 1.03). The well is 7,000 
ft deep with 2Q-in. tubing in 7-in. casing. The well produces with a GOR of 
1250 scf/bbl. The shut-in bottomhole pressure is 2,250 psig, therefore implying 
that the flowing bottomhole pressure is 1,500 psig. (Figure 6-147 illustrates the 
solution to this problem). This graphical solution indicates the pump will require 
2,700 bbl of power fluid per day at a surface pressure of approximately 3,300 
psi. Note that reducing the power fluid pumped to 2,150 bpd at a surface 
pressure of 2,000 psig will result in just over 1,200 bbl of produced fluid. 

Electrical Submersible Pumps 

The electrical submersible pump (ESP) is a relatively efficient system of 
artificial lift, and under certain conditions even more efficient than a beam pump, 
with lower lifting costs and a broader range of production rates and depths [73]. 
The system is divided into the surface components and subsurface components. 
Belowground components are the pump, motor, seal, electric cable and perhaps a 
gas separator. The aboveground components are the motor controller or variable 
speed controller, transformers and surface cables. The syskm operates l i i  any 
electric pump commonly used in other industrial applications. Electrical energy is 
transported to the downhole motor via the electric cables, typically run alongside 
the tubing, where the motor drives the pump. The pump imparts energy to the 
fluid in the form of hydraulic power, lifting fluid to the surface. 

The ESP operates over a wide range of depths and volumes, to depths of 
12,000 ft and flowrates of 1,300 gpm. However, environmental variables such 
as free gas, temperature, viscosity, depth, sand and paraffin can severely limit 
the pump's performance. Excessive free gas results in motor load fluctuations 
and cavitation leading to reduced run life and reliability. Temperature may limit 
application because of limitations of the thrust bearing, epoxy encapsulations, 
insulation, and elastomers. Viscosity increases cause a reduction in the head the 
pump system can generate, leading to an increased number of pump stages and 
motor horsepower. Depth limitations are due to the burst pressure ratings of 
the components such as the pump housing and the thrust bearing. Sand and 
paraffin problems lead to component wear and choking conditions inside the pump. 

The pump consists of several pump stages, each consisting of an impeller 
connected to the drive shaft and a diffuser that directs the flow of fluid from 
one stage to the next. The number of stages required is determined by the lift 
and volume of fluid. Sizes vary from less than 3 t  to over 10 in. in diameter, 
and from 40 to 344 in. in length. The motor is a three-phase, squirrel cage 
induction motor varying from 10 to 750 hp at 60 Hz, ranging from 3 3  to 7+in. 
in diameter. Voltage requirements vary from 420 to 4200 V at 60 Hz. 

The seal section serves to separate the well fluids present in the pump from 
the motor oil in the motor. Well fluids must be kept from entering the motor, 
regardless of differential pressure. Also, this seal must accommodate expansion 
of the motor oil due to heating. The electric cable supplies electric energy to 
the dawnhole motor, and must therefore be capable of operating in fluids at 
high temperatures and pressures, and deliver maximum electric currents efficiently. 

The motor controller serves to energize the submersible motor, sense such condi- 
tions as motor overload, well pumpoff, etc., as well as shutdown or startup in 
response to pressure switches, tank levels or remote commands. They are available 
in conventional electromechanical and solid-state devices. Conventional controllers 
give a fid-speed, fixed-rate pump. This limitation can be overcome with a variable- 
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speed controller where the frequency of the electric current is varied, thereby chang- 
ing the rpm of the motor and the resulting produced volumes. This device allows 
changes to be made whenever a well changes volume, pressure, GOR, or water cut, 
as well as in wells where PI is not accurately known. The transformer simply changes 
the voltage of the distribution system to a voltage required by the ESP system. 
To design an downhole pump and motor, one must first have a knowledge 

of the productivity index (PI) for the well. The desired operating conditions 
will determine the depth at which the pump is run to ensure submergence below 
the pumping fluid level as well as the size of the pump and motor. The desired 
flowrate and tubing size will determine the total dynamic head (TDH) require 
ments on the pump. The TDH is defined as the pressure above the pump in 
the tubing, converted to feet of head, and is given by the s u m  of the fluid column 
measured from the pumping fluid level to the surface, frictional pressure loss 
in the tubing and the surface discharge pressure, all converted to feet of head. 

For example, a well has a pumping fluid level at a depth of 4,000 ft (the actual 
depth of the pump below 4,000 ft does not contribute), flows into a separator 
with a pressure of 50 psi and has a frictional pressure loss of 100 psi (as 
determined by flowrate and the length of tubing from the pump to the surface). 
The fluid being pumped has a specific gravity of 0.85 (0.37 psi/ft). This 
generates a head requirement by the pump of 3,418 ft plus (150 psi) x (2.31), 
or 3,762 ft of head, water equivalent. Now, if the desired production rate for 
this installation were 37 gpm and the casing were 5+-in., Table A below would 

Table A 
npical Example of Avallable Tables to Aid Pump Selectlon 
This Table is for 4-in. Pumps, in S/~-in. or Larger Casing 

Pump Capacity, GPM 11 16 27 34 48 61 69 80 100 

Peak efficiency 
60 Hz bid 360 800 380 1,200 1,800 1,900 2,150 2,700 3,350 

mVd 57 95 140 191 254 902 342 429 533 

50 Hi! b/d 300 500 733 1,OOO 1.333 1,583 1.792 2,250 2,792 

mVd 48 79 117 159 212 252 265 356 444 

Optimum range 
80 HZ bid 

162 to 440 to 660 10 840 to 1,125 to 1,250 to 1,500 to 1,750 to 2.200 to 
492 730 1,080 1,400 2,050 2,350 2,650 3,500 4,350 

30 to 70 to 105 to 134 to 179 to 199 to 238 to 278 tO 350 to 
78 116 172 223 326 374 421 556 692 

50 Hz bld 152 to 373 to 550 to 770 to 937 lo  1,042 to 1,250 to 1,458 to 1,839 to 
410 608 900 1,167 1,708 1,958 2,205 2,917 3,625 

mYd 25 to 59 to 87 to 111 to 14910 185 lo 199 to 232to 291 to 
65 97 143 185 272 312 351 464 576 

Table B 
Motor Specifications for 5%-in., 20-lbRt and Larger Casing Sizes 
Size, hp Voltdamps Length Weight 

60Hz 50Hz 60Hz 50Hz in. m Ib kg 

60 50 735151 61261 202 5.13 840 381 
60 50 840144 700144 202 5.13 840 381 
60 50 945140 787140 202 5.13 840 38 1 
60 50 1270130 1058130 202 5.13 840 38 1 
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indicate that a 34 gpm pump would be the appropriate choice since it has the 
highest efficiency for the desired production rate. 
This choice then sends us to a typical performance chart such as Figure 6-148. 

The recommended operating range for this pump is shown as the shaded region. 
At 1,268 bpd (37 gal/min) the chart indicates this particular pump has a head 
capacity of 18.5 ft of head per stage, 0.26 brake horsepower per stage, and a 
pump efficiency of 68%. This indicates that 203 stages are needed in the 34 
gal/min pump. The horsepower requirements are then given by the product of 
the horsepower per stage and the number of stages. In this example, 52.8 hp 
would be required. Next, a look at Table B indicates a 6O-hpJ 1,270-VJ 30-A motor 
will accomplish the task. 

STIMULATION AND REMEDIAL OPERATIONS 

Reservoir stimulation deals with well productivity, and a successful stimulation 
treatment requires the accurate identification of the parameters controlling the 
well production. As a result, causes of impaired production must be identified. 
Furthermore, it must be determined whether or not a particular treatment can 
improve production. This is the very first step of the stimulation job design. 

Darcy's law in its simplest form is adequate to study the issue. For oil, a 
familiar expression (for steady-state and in a radial reservoir) is written as 

WPe - Pwf) 
= 141.2Bp(lnre/r, + s )  (6-200) 

Figure 6-148. Typical performance curves for a 34-gpm, 4-in. pump in 53-in. 
casing, lifting water at 3,475 rpm. (From 'ESP, the Electrical Submersible 
Pump" article, Part 4.) 
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where q = well flowrate (STB/d) 
k = reservoir permeability in md 
h = reservoir thickness in ft 
pe = outer boundary reservoir pressure in psi 

pwf = flowing bottomhole pressure in psi 
B = formation volume factor in resbbVSTB 
p = fluid viscosity in cp 
re = equivalent drainage radius in ft 
rw = well radius in ft 

s = skin effect 

Each of the variables on the right-hand side of Equation 6-200 affects well 
productivity and certain actions may favorably change its impact. Of particular 
interest to the Stimulation engineer are the permeability and the skin effect. 
Both of these variables may be obtained from a pretreatment pressure transient 
test. Ignorance of these two variables would result in an inappropriate or less 
than optimum stimulation treatment; in addition, a posttreatment analysis and 
job evaluation would be impossible. 

As can be easily seen from Equation 6-200, a low value of the permeability 
(tight reservoir) or a high value of the skin effect (damaged or badly completed 
well) would result in low well productivity. There is virtually nothing practical 
that can be done to the permeability, although certain investigators have 
erroneously suggested that hydraulic fracturing increases the effective reservoir 
permeability. A hydraulic fracture is a superimposed structure on a reservoir 
which remains largely undisturbed outside of the fracture. The fracture, however, 
can greatly improve the well productivity by creating a large contact surface 
between the well and the reservoir. The production improvement results from 
effectively increasing the wellbore radius. 

Matrix stimulation is generally intended to reduce a large skin effect resulting 
from permeability damage around the wellbore during completion or pro- 
duction. Often, there is confusion in distinguishing matrix acidizing (a form of 
matrix stimulation) from acid fracturing. The latter requires that the treatment 
is done at formation fracturing pressure and it relies on a residual etched width 
of the created fracture. The two methods of stimulation are applicable to entirely 
different types of formations: matrix acidizing is applied to high-permeability 
reservoirs whereas acid fracturing is appropriate for low-permeability, acid- 
soluble, reservoirs such as carbonates. 

All stimulation practices adjust the skin effect, either by improving a negative 
component (fracturing) or by reducing a positive value caused by damage (matrix 
stimulation) [74]. 

Fracturing 

Hydraulic fracturing of petroleum reservoirs is a reasonably new activity, 
spanning 40 years. The understanding of fracture propagation, its geometry, and 
direction is even newer, and additions to the body of knowledge of fracturing 
as a reservoir stimulation treatment is a very active process. 

A classic concept introduced in 1957 [75] concluded that fractures are 
"approximately perpendicular to the ax is  of least stress." The stress field can 
be decomposed into three principal axes: a vertical and two horizontal which 
are unequal. For most reservoirs the minimum stress is horizontal, resulting in 
vertical hydraulic fractures. 
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Stress Distribution 

In a sedimentary environment, the vertical stress (T” is equal to the weight of 
the overburden and can be calculated from 

0, = -Jo;dH 1 
144 (6201) 

where p = density of each layer in lb/ft3 
H = thickness of overburden in ft 

Equation 6-201 can be evaluated using a density log. In its absence, a value of 
1.1 psi/ft can be used as a reasonable approximation. 

A porous medium, containing fluid, is subjected to an effective stress, rather 
than the absolute stress given by Equation 6-201. The effective stress (T’ is related 
to the pore pressure p by 

0’ = (T - a p  (6-202) 

where a is Biot’s “poroelastic” constant and it varies from 0 to 1. For most 
petroleum reservoirs it is equal to 0.7. It is important that the concept of the 
effective stress is understood. An implication is that in a propped hydraulic 
fracture, the effective st ress  on the proppant is greatest during production (p = pwf 
and must be considered in the proppant selection. 

While the absolute and effective overburden stress can be computed via 
Equations 6-202 and 6-203, the two principal horizontal stresses are more com- 
plicated and their determination requires either field or laboratory measurements. 

In a tectonically inactive formation the elastic properties of the rock (Poisson 
ratio) may be used to relate the effective vertical stress with the effective mini- 
mum horizontal stress 

V 
CY;,& = - 0: 1-v (6-203) 

where v = Poisson ratio. 

For sandstone formations, the Poisson ratio is approximately equal to 0.25, 
leading to a value of (T;I.~,, approximately equal to 30;. For most shales the 
Poisson ratio is larger leading to abrupt changes in the horizontal stress profile. 
This variation, which can envelope a sandstone reservoir because of overlaying 
and underlaying shales, is the single most important reason for fracture height 
containment. 

Vertical versus Horlzontai Fractures 

Consider Figure 6-149. Graphed are the three principal stresses, (T,, oH,&, 
(T”,+~. The first is given by Equation 6-201, whereas ( T ~ , ~ ~ ~  can be extracted from 
Equation 6203. The maximum horizontal stress ow- can be considered as equal 
to o ~ , ~ , ,  plus some tectonic component owe. If the original ground surface 
remans in place, then aFmh is less than (T“, leading always to a vertical fracture 
which would be perpendicular to ( T ~ , ~ ~ .  However, if the present ground surface 
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Figure 6-149. Stress profiles (vertical and two horizontal stresses). Glaciation 
and erosion reduced the overburden, enabling a critical depth above which 
horizontal fractures may be generated. Below, only vertical fractures, normal 
to the minimum horizontal stress, are generated. 

has been the result of massive glaciation and erosion, as depicted in Figure 6-149, 
the overburden is reduced. Since the horizontal stresses are “locked” in place, 
there exists a critical depth, shallower of which the minimum horizontal stress 
is no longer the minimum stress. In such a case, a horizontal fracture will be created 
in the reservoir. This has been observed in a number of shallow reservoirs. 

The definition of principal stress direction implies that all shear stresses 
vanish. Thus, when a vertical well is drilled, usually it coincides with a principal 
stress direction. This is not the case when a deviated or horizontal well is drilled 
(unless, in the latter case, the well is drilled in the direction of one of the 
principal horizontal stresses). However, for the mass of deviated wells that are 
drilled from platforms or drilling pads, their direction implies a nonvanishing 
shear stress [76]. The implications for fracturing are substantial. A deviated well 
requires a higher fracture initiation pressure. Furthermore, the production 
performance of a fractured deviated well is impaired. This point will be addressed 
in a later subsection. 

Breakdown Pressure (Fracture lnltlatlon Pressure) 

an upper bound for the value of the breakdown pressure pb, such that 
The fracture initiation pressure is estimated via Terzaghi’s criterion [77] giving 
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(6-204) 

where To = tensile strength of the formation (psi) 

Hence, hydraulic fracturing describes the tensile failure of the rock and Equation 
6-204 can be used during a fracture calibration treatment to calculate the 
horizontal stress components. 

Determination of Closure Pressure 

Closure pressure is defined as the pressure when the fracture width becomes 
zero. In a homogeneous reservoir and where on,- is the smallest stress, the 
closure pressure is approximately equal to this value. Nolte [78,79] pioneered 
the analysis of the pressure response during fracture calibration treatments and 
the calculation of important fracture variables. 

The pressurization/repressurization cycles shown in Figure 6-150 can be 
refined and used in accordance with Nolte's analysis to calculate the closure 
pressure and, as will be shown in the next subsection, the leakoff coefficient 
and fracturing fluid efficiency. The closure pressure is not exactly the minimum 
horizontal stress. With very little fluid leakoff (i.e., not upsetting the pore 
pressure in Equation 6-202) and with a contained fracture height, the closure 
pressure is very near the minimum horizontal stress. Otherwise, the closure pres- 
sure is a bulk variable taking into account fluid leakoff and especially horizontal 
stress heterogeneities along the fracture area. If the injected fluid is minimized, 
then with both leakoff and fracture height migration also minimized, the closure 
pressure is approximately equal to the effective minimum horizontal stress. 

The pumpin/flawback test, which can be done as the first peak in Figure 6-150 
has been devised to allow for the estimation of the closure pressure. The test, 
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Figure 6-150. Expected pressure response during a hydraulic fracture 
treatment [79]. 
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involves injecting fluid, normally treated water, at rates (e.g., 5 to 10 bpm) and 
volumes (e.g., 30 to 50 bbl) sufficient to create a fracture. 

Of particular importance is the flowback period. This must be done at rates 
between 4 and + of the injection rate. The flowback rate must be held constant 
via a regulating valve exactly to prevent any flowrate transients to mask the 
pressure response. During this f lowback period the interpretation is qualitative, 
and is based on a deduction of the ongoing closure process and should have 
two distinctly different periods: 

while the fracture is closing 
after the fracture is closed 

The pressure profile would then have two regions reflecting the two different 
phenomena. These two regions would be separated by a clear change in slope, and 
the pressure corresponding to th is  inflection point is the fracture closure pressure. 

Fracturing Pressure Decline Analysis 

Castillo [80] extended Nolte’s techniques for pressure decline analysis. He 
introduced a time function G(AtJ which, graphed against pressure during the 
closing period of the fracture calibration treatment, forms a straight line. 

Figure 6-151 is a graphical depiction after Castillo [80]. First, the necessity 
of an independent determination of the closure pressure (e.g., through a pump- 
in/flowback test) becomes obvious. The closure pressure would mark the end 
of the straight line, an important point of concern when dealing with real field 
data. Castillo’s time function is given by 

(6-205) 

A second expression, for lower bound, is given in Reference 80. The dimension- 
less time A$, is simply the ratio of the closing time At and the injection time tp. 

The slope of the straight line in Figure 6-151 mp, is 

(6-206) 

where C, = leakoff coefficient in ft/minv2 
rp = ratio of the leakoff height (hp) to the fracture height (h,) 
t = pumping time in min 
.‘, = fracture compliance in ft/psi 

The fracture compliance is model-dependent. For the Perkins and Kern (PKN) 
model is given by 

@h, cy = - 
2 E’ 

(6-207) 

where 

(6-208) 
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Figure 6-151. Pressure decline analysis [SO]. 

(6-209) 

(Fracturing models will be described later.) 
In Equations 6-208 and 6-209, 

n’ = fluid power law exponent 
a = viscosity degradation coefficient (0: linear degradation, 1: zero viscosity 

at the tip) 
E = Young’s modulus in psi 
v = Poisson ratio 
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Reference 79 contains all  pertinent equations for fracturing pressure decline analysis. 
Another important variable that can be extracted from pressure decline 

analysis is the fluid efficiency. The independently determined closure pressure 
not only identifies the end of the straight line in Figure 6-151 but also the 
fracture closure time, corresponding to Atc,. This dimensionless closure time 
can then be used with Figure 6-152 to estimate the fluid efficiency. This is a 
particularly important variable and allows the determination of the total f h id  
requirements and the ratio of “pad” volume to the proppant carrying fluid. 

Recently Mayerhofer, Economides and Nolte [81,82] investigated the stress 
sensitivity of crosslinked polymer filtercakes in an effort to decouple the 
components of fracturing pressure decline. Fracturing fluid leakoff can be 
regarded as a linear flow from the fracture into the reservoir. Therefore, a new 
approach to analyze the pressure decline of a fracturing treatment is visualized. 

The concept of individual pressure drops in series, constituting the overall 
pressure drop between the fracture and the reservoir, can be used and is given by 

where Ap* = pressure drop across the filtercake 
Apk = pressure drop within the polymer invaded zone 

APm - - pressure drop in the reservoir 
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Figure 6-152. Fracturing fluid efficiency correlation. The dimensionless 
closure time At, is the ratio of the closure time to the pumping time [79]. 
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Figure 6-153 is a conceptual diagram of the individual zones and the correspond- 
ing pressure drops. 

The effects of stress-sensitive filtercake leakoff were described by the hydraulic 
filtercake resistance, which is defined (with Darcy’s law) as [81-831 

The dimensionless resistance was also introduced: 

(6211) 

(6-2 12) 

which is a ratenormalized pressure at any time with respect to a reference value. 
It was found [81,82] that polymer filtercakes behave as viscoelastic bodies. 

The Kelvin or Voight model, which is a mechanical analog commonly used in 
linear viscoelastic theory, was found to be an appropriate model for analyzing 
the relation between differential pressure across the filtercake and the dimen- 
sionless resistance: 

1 
P o  

R, (t) = - j&( t - z)e-*dz (6-213) 

where o(t - z) = change of the differential pressure 
h = retardation time 
p = viscosity 

The viscoelastic filtercake relaxation, which was described by Equation 6-213, 
and the additional cake increase are the essential features during closure [81,82]. 

Leakoff Lea koff 

Figure 6-1 53. Hydraulic fracture with filtercake and invaded zone. 
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Figure 6-154 shows in a plot of R, vs. Ap the dominance of the stress-sensitive 
relaxation of the filtercake deposited and compressed during pumping over the 
additional cake increase. 

The stress-sensitive filtercake resistance is equivalent to a skin-effect and can 
therefore be incorporated as a component of the linear flow from the fracture 
into the reservoir. 

Properties of Fracturing Fluids 

The expected functions of the fracturing fluid are to initiate and propagate 
the fracture and to transport the proppant with minimum leakoff and minimum 
treating pressure. 

Fluid viscosity is thus critical. An ideal fracturing fluid should have very low 
viscosity in the tubing (to avoid unnecessary friction pressure losses), and high 
viscosity within the fracture where a large value can provide bigger fracture 
width and transport the proppant more efficiently. However, what a high 
viscosity fracturing fluid does, inadvertently, is to plug the formation creating 
a highly unfavorable mobility. A mechanism to reduce the viscosity after the 
job to a very low value is then necessary. How are these, apparently contra- 
dictory, demands accomplished? 

A typical, water-base, fracturing fluid consists of water and a thickening 
polymer such as hydroxypropyl guar (HPG). The polymer concentrations could 
vary from 20 to 80 lb/l,OOO gal depending on the required viscosity. 

Such polymer solutions produce viscous fluids at ambient temperatures. At 
reservoir conditions these solutions thin substantially. Hence, organometallic 
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Figure 6-154. Stress-sensitive dimensionless resistance [81]. 
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crosslinkers (some of them “delayed” to reduce tubing friction pressure) have 
been used resulting in substantial viscosity increases. For low to moderate 
temperature applications ((250°F) borates have been found effective. For higher 
temperatures (up to 350’F) titanate and zirconate-delayed-crosslinked complexes 
have produced excellent fracturing fluids. 

In addition to water-base fluids, there are other types of fracturing fluids. 
Oil-base fluids were the first fluids to be used. They can be thickened via an 
‘associative” mechanism using an aluminium-phosphate ester polymer chain. 
However, oil-base fluids are expensive to use and dangerous to handle. Hence, 
they are applied to formations that are particularly water sensitive. Multiphase 
fluids such as emulsions (oil and water) and foams (gas and water) have been 
used widely. 

The most common emulsion is composed of 67% hydrocarbon (internal) phase 
and 33% water (external) viscosified phase. Emulsions are very viscous fluids, 
providing good proppant transport, but result in high friction pressures and high 
fluid costs. They also thin significantly and thus they cannot be used in hot wells. 

Foams (gas, water and a surfactant to stabilize the mixture) are particularly 
popular as fracturing fluids because the contained gas provides a very rapid 
“cleanup“ following the treatment. However, fracture face damage and speed of 
cleanup must be balanced with the expected fracture performance which is 
affected to a much greater degree by the quality of the proppant pack. 

Figure 6-155 from Reference 84 is a recommended fracturing fluid selection 
guide, representing several thousand treatments, done during the past few years. 
This guide covers most ranges of temperature, pressure and rock sensitivity in 
both gas and oil wells. 

For all fracturing fluids, the injected polymer chains need to be broken after 
the treatment. Breakers, such as oxidative compounds (e.g., peroxydisulfates) or 
enzymes (e.g., hemicellulose) are used to reduce the length of the polymer chains 
and their molecular weight. The viscosity of the fluid is reduced and cleanup 
is accomplished. 

Unfortunately, as can be expected, not all chains are broken or cleaned up. 
Certain polymers are more resistant than others, leading to only partial decompo- 
sition and bridging of polymer residue within the proppant pack. This phenomenon, 
if uncontrolled, can lead to a substantial proppant pack permeability damage 
with devastating effects on the fractured well performance. 

The effects of the type of breaker, its quantity and the mode of application 
are shown in Figure 6156. Encapsulated, effective, breakers are desirable because 
they become active when the fracturing treatment is over. Early action is 
detrimental since it degrades the needed viscosity. No action is particularly 
problematic because it may lead to permanent proppant-pack permcability 
impairment. Thus, appropriate amounts of encapsulated breakers is the most 
desirable method b r  fracturing applications [85]. 

Proppants 

During the execution of the fracture treatment, the imposed hydraulic 
pressure holds the fracture open. However, when the pumping stops, it is up 
to the injected particulates to hold the fracture propped. The propped fracture 
width and, thus, the amount of proppant required will be addressed in the design 
subsection. However, two other variables are important in the determination of 
the proppant pack permeability: the proppant strength and the grain size. For 
a given stress under which the proppant pack will be subjected, the maximum 
value of the fracture permeability can be estimated. Bauxite, a high strength 
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Figure 6-155. Fracturing fluid selection guide [84]. 
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Figure 6-156. Viscosity degradation of fracturing fluids with and without 
encapsulated breakers [85]. 

proppant, and ISP (Intermediate Strength Proppant, a synthetic material) 
maintain a large portion of their permeability at high stresses. Sand, however, 
experiences more than an order of magnitude permeability reduction when the 
stress increases from 4,000 to 8,000 psi. This is important in the selection of a 
proppant because, while sands are less costly, they crumple readily and therefore 
higher-strength, but more costly, proppants are indicated at higher stresses. 

Proppant size is also important. Larger grain sizes result in larger fracture 
permeability. However, larger sizes are more susceptible to crumpling as stresses 
increase and the relative reduction in the pack permeability is much larger in 
the larger-size proppants. Reference 86 contains a number of correlations for 
size and size distribution effects on proppant pack permeability. 

These permeabilities are maximum values. As mentioned earlier, fracture 
permeability damage is caused by unbroken polymer residue which is by far the 
biggest culprit. Thus, while proppant strength and size selection can be done 
using formation strength criteria, damage due to fracturing f h id  residue must 
be controlled. Otherwise, additional damage factors, as high as 80 to 90%, can 
be experienced after the stress-induced permeability impairment is accounted for. 

Propped Fracture Design 

The previous information was intended to serve as background information 
for propped fracture design. Meng and Brown [87] and Balen et al. [88] 
presented the concept and applications of the net present value (NPV) as a 
systematic approach to fracture design. Others have also outlined similar 
schemes. The complexity of the various design components and their inter- 
relationships invariably require an economic criterion for meaningful compari- 
sons of design options and fracture sizes. 

Figure 6-157 contains the steps and components for optimizing fracture 
design. First, a fracture half-length xf is selected. This is done incrementally, 
with each new fracture half-length longer than the previous, e.g., by 100 ft. 
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Flgure 6-157. The components of the fracture net present value (NPV) 
calculation [87]. 

At first, let's follow the lower branch on Figure 6-157. For a given formation, 
the lithology, temperature and reservoir fluids would dictate the choice of the 
fracturing fluid while the state of stress and the desired fractured performance 
would point towards the proppant selection. A fracture propagation simulator 
may then describe the fracture geometry. There are several types of simulators 
including fully 3-D, planar 3-D, pseudo-3-D (coupled 3-D fracture and 2-D fluid 
flow) and the classic, analytical 2-D models. The latter include the PKN model 
(Perkins and Kern [89]; Nordgren, [go]) and the KGD model (Khristianovich 
and Zheltov [91]; Geertsma and de Klerk [92]). 

The higher the complexity of the simulation the higher the demand for 
appropriate data and the longer the simulation time. For the purpose of this 
exercise, the elegant, analytical PKN and KGD models will be used. A depiction 
of the PKN geometry is given in Figure 6-158. For this simulation two limits 
are necessary: the fracture height, h, and the maximum allowable or available 
treating pressure. 

Thus the fracture geometry can be determined and, with the imposed limits, 
a treatment optimization may be done. The average width of a fracture of half- 
length xf can be obtained from 

(6-2 14) 

where qi = injection rate in bpm 
p = fracturing fluid viscosity in cp 
G = elastic shear modulus in psi 
y = geometric factor = 0.75 
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Figure 6-158. The geometry of the Perkins and Kern [89] and Nordgren [QO] 
model (PKN). 
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Area Of Highest 

Figure 6-159. The geometry of the Khristianovich and Zheltov [91] and 
Geertsma and de Klerk [92] model (KGD). 

The bracketed expression on the right hand side of Equation 6-215 gives the 
maximum width value (at the wellbore), whereas the multiplier in the parentheses 
provides a geometrically averaged width. 

For the KGD model, depicted in Figure 6-159, the analogous expression is 

(6-2 15) 

In both Equations 6-215 and 6-216, the relationship between viscosity or injection 
rate and the fracture width is quarter root, indicating that to double the width 
a 16fold increase in either of these two variables is needed. 

The calculation of fracture width, the assumed fracture height and half-length 
and the fluid leakoff lead towards a simple material balance. 
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(6-216) 

where the left-hand side is equal to the fluid volume injected, the first term on 
the right-hand side is the volume of the fracture created and the second term 
represents the fluid leakoff. The latter is a square root of time relationship. 

The area A, is total fracture area and is equal to 4xJ1~ All other variables in 
Equation 6-216 have been described earlier except I(L, which is a multiplier to 
the leakoff coefficient and is applicable during pumping. Nolte [78] has shown that 

(6-217) K, = g q + n ( l - q )  8 

where q = fluid efficiency 

is a good approximation. 
Equation 6-216 is a quadratic relationship for the square root of the injection 

time ti, and can be solved readily. Thus the product qiti can be calculated, 
representing the total amount of fluid Vi required to generate a fracture of the 
calculated geometric and leakoff features. 

The pad volume has been related to the total volume injected, Vi, in Reference 
79, such that 

(1 - rl) Padvolume = Vi - 
(1 - rl) (6-218) 

The next item is to calculate the proppant volume and its injection schedule. 
The latter is given by 

c$) = Cf - [ :i:::) (6-219) 

where cp(t) = slurry concentration (lb/gal added) as a function of time 
c, = desired slurry concentration at the end of the job (lb/gal absolute) 

The continuous proppant addition described by Equation 6-219 (and shown 
schematically in Figure 6-160, opposed to the classic "stairstep" proppant 
addition) from t to $ can provide the total amount of proppant injected. This 
amount, divided by the fracture area, can provide the proppant concentration 
within the fracture Cp given in lb/fP. The propped width may then be calcu- 
lated from 

t+ = time for pad injection 

12c, 
(1 - $,>P, W =  (6-220) 

where t& = proppant pack porosity in fraction 
p, = proppant density in lb/ft3 
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Slurry Concentration Slurry Concentration 

Figure 6-160. Continuous vs. "stairstep" proppant addition. The continuous 
pressure addition is superior and is described by Equation 6-219. 

Finally, the net fracturing pressure to generate a half length equal to xf may 
be calculated for the PKN model and (for a Newtonian fluid) 

Apr = 0.0254 

and for the KGD model 

Apr = 0.050 

(6-22 1) 

(6-222) 

The treatment pressure is then simply 

Equations 6-221 and 6-222 show the classic pressure patterns which may reveal 
during execution the type of fracture that is generated. For the PKN model and 
for a constant fracture height (Equation 6-221) there is an increasing pressure 
profile for increasing fracture length, whereas for the KGD model (Equation 6222) 
there is a decreasing pressure profile for a propagating fracture. 

Assuming also that the treating pressure must be kept below a certain level 
to avoid migration, then a PKN-type fracture can be propagated at constant net 
pressure. This can be accomplished by decreasing the fluid viscosity or the 
injection rate as can be concluded from Equation 6-221. Given the choice, 
treatment optimization has shown that reduction in viscosity is more desirable 
than a reduction in injection rate. 

The calculation of the fluid volume (Equation 6215) and proppant mass require- 
ments (Equation 6-219) injection rates and treatment pressures (Equation 6-223) 
lead to the calculation of the cost to create the fracture. 

The second branch in Figure 6-157 may now be addressed. The calculated 
propped fracture width w (Equation 6-220), the fracture half-length xF the 
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proppant pack permeability (stress- and damage-adjusted proppant) k, and the 
known reservoir permeability lead to the dimensionless fracture conductivity 

(6-224) 

Cinco-Ley et al. [93] presented the solution for the performance of finite- 
conductivity fractures. Their type curves are in the standard form of a log-log 
graph of dimensionless pressure pD against dimensionless time & for a range 
F s. Hence, any real time corresponds to a dimensionless time, and the 
dimensionless pressure value is related to the real flowrate and real pressure 
drop. Thus, the expected performance can be calculated. No-flow boundary 
conditions for various reservoir geometries have been given in Reference 87. 
The flowrate decline curve can then be coupled with the tubing performance 
resulting in wellhead rates. 

It is a very easy step to integrate these rates into the cumulative production. 
The incremental cumulative production (above the one the unstimulated well 
could deliver) multiplied by the unit price of the hydrocarbons (oil or gas) and 
discounted to time zero is the present value of the incremental revenue. 

If the cost to perform the job, calculated from the first branch in Figure 6-157, 
is subtracted from the present value of the incremental revenue, it results in 
the net present value NPV. 

A plot of the construction is given in Figure 6-161. The fracture half-length 
is graphed against the NPV. Optimum fracture design corresponds to the 
maximum NPV. Two case studies are graphed: Case A, which provides a positive 

CD 

0 
Fracture Length xf 

Flgure 6-161. Case studies of the NPV design procedure. Case A is 
positive, Case B is negative. 
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NPV, and Case By in which the incremental revenue does not recover the 
stimulation cost. In this case hydraulic fracturing should not be done. 

Potentially, one of the most powerful applications of the NPV approach is to 
perform parametric studies. If a variable (e.g., permeability or slurry con- 
centration) is not known or determined, then a sensitivity analysis can be done 
to assess the impact of its variation on the optimum design. Large spread in 
the maximum NPV could be considered as the "cost of ignorance". In that case, 
measurement of the unknown variable via some type of testing is warranted. An 
example parametric study with the reservoir permeability is shown in Figure 6162. 

Fracture Propagation Modeling 

Common to all descriptions of fracture propagation are (a) a material balance 
equation relating volume change to flow across the boundaries, (b) an elasticity 
relationship between fracture aperture and net pressure, (c) a fluid-flow equation 
relating the flowrate with the pressure gradient in the fracture and (d) a tip 
propagation criterion. 

Wldth Equations. The theory of linear elasticity provides solutions to idealized 
problems. One of them, the pressurized crack problem, deals with a crack (a 
straight line) of length 2b which is in an infinite plain. The stress 0, acting far 
from the crack and normal to its direction is compressive, trying to close it. 
On the other hand a pressure p is acting against the stress, trying to open the 
crack from the inside. If the net pressure, Ap = p - 0, is positive, the crack 
will be open and its shape will be elliptic. The maximum width is given by 

0 
Fracture Length xf 

Figure 6-1 62. NPV fracture design parametric study of reservoir permeability. 
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(6-225) 

(The equations, unless otherwise stated, are written in a coherent system of units 
in this section.) Several models, originating from Perkins and Kern [89] figure 
the hydraulically induced fracture as a constant height channel obeying Equation 
6-225 in every vertical cross-section, with 2b replaced by h, In such a channel 
of elliptical shape (with a width significantly less than the height) a Newtonian 
fluid having constant flowrate q is driven by the pressure drop 

dx m’h, (6-226) 

The elasticity relation (6-225) and the fluid-flow equation (6-226) are com- 
bined to establish a relation between width at the wellbore and fracture length. 
To obtain a closed form solution, the fluid leakoff is neglected at this stage of 
the model development. In addition, zero width (zero net pressure) is assumed 
at the tip. With these assumptions the created width profiles are similar and, 
hence, a constant multiplier can be used to transform the wellbore width into 
the average width. 

Historically, the KGD model [91,92] preceded the PKN model. It is also based 
on the pressurized crack solution but applied in the horizontal direction. There 
are additional differences, e.g., the pressure drop equation is written for a 
channel with rectangular cross section and the existence of a nonwetted (non- 
pressurized) zone is assumed near the tip. 

The two widely used width equations were presented earlier as Equations 6- 
214 and 6-215. The PKN equation has been considered as a suitable approxi- 
mation for long fractures (compared to height), whereas the KGD has been 
suggested as more appropriate for fractures with significant height compared 
to length. 

A width equation such as Equation 6-214 or 6-215 leaves only one degree of 
freedom for the geometry of the fracture. If we give (directly or indirectly) the 
fracture volume, the shape is determined. The additional information on the 
fracture volume is provided through the material balance. 

Material Balance. Material balance suggests that the injected fluid either 
generates fracture volume or leaks off. In describing leakoff Carter [94] applied 
two important assumptions. In his formulation the following w a s  presented 

V 
2 = 2c,J;+s, 
A, (6-227) 

where V, = volume of the fluid leaked off 
A, = area available for leakoff 
C, = leakoff coefficient 
S, = spurt loss coefficient 

The first term represents decreasing intensity of the fluid leakoff with time 
elapsed, and the second term is an additional volume which is lost at the very 
moment of opening (the spurt loss). In addition, Carter assumed thatfrom the 
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point of view of the material balance the fracture geometry can be well approxi- 
mated by a constant rectangular cross-section, with the only dimension changing 
with time being the length. He wrote the material balance for a unit time 
interval in the form 

qi = 4 j o ~ h f $ d ~ + 2 h f w -  c, dx dx 
dz 

where q = opening time 

The solution of the above integral equation is 

where 

2 c , G  a=- 
W 

(6-228) 

(6-229) 

(6-230) 

(Note that xf is the length of one wing and qi is the injection rate for two wings.) 
The complementary error function erf c(x) is available in the form of tables or 
computer algorithms. 

If we want to apply the above equation, we have to decide how to estimate 
the constant width in this relation. It is the sum of the average width and the 
spurt width, 

w = w + 2 s ,  (6-231) 

where, strictly speaking, the averaging should be done not only in space but 
also in time. 

The combination of Equation 6-229 with one of the width equations results 
in a system which is completely determined if either the length or the injection 
time is given. For the solution simple iterative methods can be applied. 

The use of Equation 6-229 is somewhat complicated. The material balance 
would take a simple form if the volume leaked off could be determined. 
Unfortunately, it depends on the opening time distribution which, in turn, reflects 
the history of the fracture growth process. A simple version of the material 
balance is derived assuming some plausible bounds on the distribution of the 
opening time. Then the fluid lost during pumping (in the two wings,) 2V, is 
bounded by [78] 

(6-232) 

The upper bound corresponds to low fluid efficiency and the lower bound to 
high fluid efficiency. At any medium efficiency we can use a linear interpolation 
between these two bounds. Therefore Equation 6-229 can be replaced by 
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(6-233) 

where the fluid efficiency is computed from 

(6-234) 

The combination of Equation 6-233 with one of the width equations is another 
short-cut two-dimensional model. Essentially the same concept was used in the 
design section (see Equations 6-216 and 6-217). 

Detailed Models. Clearly, the short-cut two-dimensional models are based on 
several approximations, some of those being contradictory. For example, the 
geometric picture behind the Carter equation (and behind the upper and lower 
bounds) would require a fracture propagating with a constant width. The PKN 
or KGD width equations, on the other hand, give width changing in time as well. 

Nordgren [go] presented a constant-height model in the form of a partial 
differential equation which contains coherent assumptions on the geometry. 
Kemp [95] showed the correct tip boundary condition for Nordgren’s equation. 
Interestingly, the numerical solution does not differ much from the one of the 
short-cut PKN models. The main reason is that in both the detailed Nordgren 
model and in the short-cut PKN versions the fracture tip propagation rate is 
controlled by the linear velocity of the fluid at the tip. In other words, in these 
models there is no mechanism to hamper the opening of the fracture faces 
once the fluid arrives there. This later statement is valid also for the different 
KGD variations. 

Appearance of irregular pressure profiles and posttreatment observation of 
fracture height growth initiated a departure from the ideal geometry assumptions. 
This generated additional-dimension models and prompted the introduction of 
improved calculation procedures. The two most important concepts are the 
vertical distribution of the (minimum.horizonta1) stress and the fracture toughness. 

Most of the researchers agree that stress distribution is the major factor 
controlling the height growth of hydraulically induced fractures (see Reference 
96). Building this concept into a three-dimensional (3-D) or pseudo-three- 
dimensional (P-3-D) model, a more realistic fracture shape can be computed. 
The fracture is contained in the pay layer if the minimum principal stress is 
significantly higher in the neighboring layers. On the other hand, if the stress 
in the neighboring layers is only moderately higher than in the pay layer, then 
a limited height growth is predicted. The 3-D and P-3-D models differ in how 
detailed the computation of the height is and to what degree it is coupled with 
the fluid flow equation (see Reference 97). While the significance of the vertical 
distribution of the stress is well understood, the usefulness of this concept is 
somewhat limited by the fact that the necessary data are often lacking. (In fact, 
even the value of the minimum horizontal stress in the pay layer might be 
uncertain within a range of several hundred psi.) 

There is less consensus in the usefulness of the concept of fracture toughness. 
This material property is defined as the critical value of the stress intensity factor 
necessary to initiate the rupture. The stress intensity factor is a quantity 
having the dimension pressure (i.e., stress) multiplied by the square root of 
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length. Its value increases with both the net pressure and the size of the fracture. 
Several investigators have arrived at the conclusion that within the physically 
realistic range of the fracture toughness its influence on fracture propagation 
is not significant. 

In certain cases net treating pressures observed during hydraulic fracturing 
are several times greater than predicted by simple two-dimensional propagation 
models [98]. The attempts to explain these 'abnormally high pressures" based 
on (artificially increased) fracture toughness were not convincing. Other 
investigations have suggested different modifications of the fracture geometry, 
essentially stating that the elasticity relation can be disregarded at least in some 
part of the fracture. A more promising approach to understand and describe 
the phenomena is based on a fracture propagation criterion derived from 
continuum damage mechanics (CDM). According to CDM, under stress the material 
structure may begin to disintegrate. Small cracks may form and such deteriora- 
tion weakens the material and lavers its load carrying capacity. The deterioration 
is characterized by the quantifiable damage variable. The time needed for 
damage evolution is incorporated into the so-called Kachanov law of damage 
growth. Starting from the rupture criterion of continuum damage mechanics 
and applying some simplifying assumptions on the stress distribution ahead of 
a moving crack, the following equation has been derived [99]: 

c,i2 X,AP; 
a,,,, (i + xf )* 

u = -- (6-235) 

where u = tip propagation rate 
CK = Kachanov parameter 

i = scale parameter (or "average distance of microcracks") 

xf = fracture length 
oKmin = minimum horizontal principal stress 

Ap, = net pressure at tip 

Note that the net pressure (and hence, the width) at the tip is not zero in this 
model. There are two parameters in the above expression, C, and 1. A small 
value of the Kachanov parameter and/or the average distance of the microcracks 
leads to retarded fracture propagation with treating pressures several times larger 
than usual. Applying the above equation as a boundary condition, a modified 
version of the Nordgren equation can be introduced. The solution of the 
resulting CDM-PKN model [99] is presented using dimensionless variables: 

Xf = CIXtD, t = c*t,, wo = c,w,, Ap = c4wn (6-236) 

where xf = length in ft 
t = injection time in min 

wo = maximum width at wellbore in in. 
Ap = net treating pressure in psi 

The constants c1 to ca are given by 
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C - = 1.758 x 
min 

C 
1 = 0.1282 
in. 

(6-237) 

where the variables and dimensions were defined in Equation 6-214. When 
designing a frac-ture treatment we can assume that 1, << h. Then the combined 
parameter CmPD is sufficient to describe the retardation effect. It can be 
calculated from the formula 

(6-238) 

where the units are the same as in Equation 6237. In a study [loo] of published 
case studies it was found that if damage dominates the combined parameter, 
then C,ls is in the range 0.003 to 0.05 fts/psi*s. The smaller the combined 
parameter, the larger the deviations in both net pressure and fracture geometry 
compared to the corresponding PKN values. As a result of the slowdown of the 
tip propagation where the length is smaller, the width, net pressure and the fluid 
efficiency are larger than the corresponding values computed from the tradi- 
tional models at the same amount of injected fluid. Figures 6-163 to 6-165 show 
the dimensionless fracture length, f h id  efficiency and dimensionless width (or 
net pressure) at the wellbore as a function of dimensionless time. When the 
combined parameter is known, these figures can be used to obtain the main 
characteristics (length, f h id  efficiency, net pressure) for any injection time. 

Evaluatlon of Fracture Design 

Successful stimulation is when the optimum design treatment is performed 
and the posttreatment flowrate coincides with the one forecasted. Figure 6-166 
shows a posttreatment well performance showing a good agreement with the 
predicted flowrate from the designed fracture length. If the two deviate and 
especially if posttreatment performance is far below expectations, then an 
evaluation procedure should be implemented. 

Primarily, two items should be examined: 

e 

e 

Fracture height migration. This can be done via a posttreatment tempera- 
ture or radioactive log. 
Fracture permeability reduction-which could be the result of proppant pack 
damage or a choke (overdisplacement or other reasons that reduce the 
contact between well and fracture). Assessment of the geometric and 
conductivity characteristics of the fracture can be done via a posttreatment 
pressure transient test using the model outlined in Reference 93. 
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Figure 6-163. Dimensionless length versus time, i, cc xm [99]. 
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Figure 6-165. Dimensionless width (or net pressure) at wellbore versus time, 
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Flgure 6-166. Posttreatment fractured well performance and comparison with 
predicted flowrate. 
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Acid Fracturing 

Formations such as limestones (CaCO,), dolomites (CaCO,, MgCO,) and chalks 
(soft, high-porosity CaCO,) react with acids to form water-soluble salts, water 
and carbon dioxide. The reaction converts a water-insoluble rock into a highly 
soluble salt and it has been used in the development of acid fracturing as a 
stimulation technique. Acid is injected at fracturing pressures, parts the forma- 
tion and etches the walls of the induced fracture. When pumping stops, the 
pressure falls off to its original level. Because of uneven etching a residual width 
remains which provides the fracture conductivity. 

There are certain comparative advantages and disadvantages of acid fractures 
(versus propped fractures) in carbonate reservoirs. 

Acid fractures have placement advantages in highly fissured reservoirs 
because of the problem of proppant screenouts. 
Fracture length decidedly favors propped fractures because it can be 
controlled readily. In acid fracturing, acid reacts with the walls of the 
created fracture, becomes “spent” laterally and thus it results in very short 
fracture half-lengths on the order of 100 ft [loll. 
Operationally, acid fracturing has an advantage over propped fracturing 
because no proppant cleanout problems or proppant production problems 
are encountered. 

The maximum fracture conductivity k,w for an acid fracture is given by 

k,w(md/in.) = 9.39 x 10’’ 
(14) 

(6-239) 

However, thi$ value is affected by two variables: the effective stress 0’ and the 
rock embedment strength Smck. Nierode and Kruk [lo21 proposed fracture 
conductivity correlations based on experimental data. 

k,w = C,e-w (6-240) 

where 

c, = 1.77 x 1 0 * ~ * . 4 7  (6-241) 

and 

C, = (13.9 - 1.3 In S,) x (6-242) 

for 

S, < 20,000 psi (6-243) 

and 

C, = (3.8 - 0.28 In S,) x (6-244) 

for 
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Smk > 20,000 psi (6-245) 

(Note: In the original publication Equation 6-242 had a typographical error. 
Instead of the correct 13.9 it was written as 19.9.) 

Ben-Naceur and Economides [ 1031 have presented acid fracture performance 
type curves for a range of effective stresses (3,000 to 9,000) and rock embedment 
strengths (30,000 to 200,000). 

Fracturing of Deviated and Horizontal Wells 

Horizontal wells are rapidly emerging as a major type of well completions. 
There are three meaningful comparisons of performance between a vertical and 
a horizontal well in the same reservoir. 

Open-hole or fully perforated completions (i.e., no well configuration skin 

A vertical well with a vertical hydraulic fracture and a fully completed 

A vertical well with a vertical hydraulic fracture and a horizontal well with 

effects) in the vertical and horizontal cases. 

horizontal well. 

one or more vertical hydraulic fractures. 

Only the second and third comparisons are of interest to the fracturing engineer. 
For a reservoir with permeability isotropy in the horizontal plane (kx = ky), 

but accounting for permeability anisotropy in the vertical plane, the relationship 
for equal productivity indexes is [lo41 

(6-246) 

where p is the verticaL-horizontal permeability anisotropy ratio and is defined as 

P = J E =  Jm (6247) 

Also, the large axis of the drainage ellipse a is given by 

a = -[ 0.5+ 
2 (6-248) 

Equation 6-241 is for a fully producing along its length, undamaged, horizontal 
well. It is also valid for reservoirs where the horizontal permeability is the same 
in all directions. However, in highly anisotropic formations, while the direction 
of the fracture is likely to be normal to the smallest permeability [105], the 
horizontal well can be drilled normal to the maximum permeability. In such a 
case the situation will be considerably different from the one for a horizontally 
isotropic reservoir. 
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Equation 6-241 can be used for a comparison of the performance of an 
unfractured horizontal well of length L with a fractured vertical well with a 
fracture half-length xr 

Figure 6-167 is such a comparison for five permeabilities and ph = 150 ft. 
The optimum fracture lengths are also marked. This graph shows the required 
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Figure 6-1 67. Fracture half-length in vertical well and required horizontal well 
length for equal productivity index (ph = 150 ft). 
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horizontal well lengths to deliver the same productivity index. Clearly, while 
detailed economic calculations on the costs versus benefits of all options may 
be undertaken, it is evident that in reservoirs where vertical wells are usually 
fractured (k < 1 md), horizontal wells without fractures are not viable alter- 
natives. The required horizontal well lengths would be far more expensive from 
the indicated optimum fracture half-lengths. For higher permeability reservoirs, 
the required horizontal well lengths are more attractive. However, in all cases, 
these horizontal wells must be fully stimulated to remove damage and allow flow 
contributions from the entire well length. Production logging often indicates that 
less than one-half of the wellbore length contributes to production. A well with 
this type of producing interval would require the horizontal well lengths to be 
more than doubled from those reported above. 

However, reservoirs with ph = 25 ft are normally naturally fractured. While 
the theoretically optimum fracture half-lengths may require certain equivalent 
horizontal well lengths, actual fracture executions may not deliver the desired 
fracture lengths. Screenouts because of excessive leakoff or the opening of 
fissures normal to the hydraulic fracture trajectory may prevent the creation of 
these lengths. Thus, horizontal wells may be good alternatives to the fracture 
lengths than cun be created. 

Finally, horizontal permeability anisotropy is exceptionally important. In 
moderately to highly anisotropic formations, horizontal wells can be good 
substitutes for fractured vertical wells. 

Of particular importance is the third comparison which allows the possibility 
to drill the horizontal well either in the direction that would result in transverse 
fractures or in the direction that would result in largely longitudinal (parallel) 
fractures. A comprehensive review of the issue has been presented by McLennan 
et ul. [106]. 

The drilling of a highly deviated or horizontal well (that does not coincide 
with a principal stress axis) results in a nonvanishing shear stress component. 
This was addressed in an earlier subsection and it frequently implies additional 
pressure requirements for fracture initiation. The fracturing pressure of horizontal 
wells is affected by the stress concentrations near the well given by [lo71 

z. 0 -sin a cos a -sin 

z, = / o  0 0 0 0 

and at the borehole wall by 

o r r  = Pw 

oee = (0, + ow - p,) - 2(am - oyy) cos (20) - 4 ~ ~ s i n  (20) 

oz = o, - 2v(oy - cry,) cos (20) - 4vzxysin (20) 

Tre = Trz = 0 

zOz = 2(-z, sin 0 + zy+ cos 0) 

(6-249) 

(6-250) 

(6-251) 

(6-252) 

(6-253) 

(6-254) 
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Figure 6168 presents the theoretical fracturing pressure of horizontal wells 
at different deviation angles from the fracture direction in a reservoir. Also, 
six actual wells, with multiple (in certain cases more than ten) fracturing 
treatments are indicated. The agreement between predicted and observed values 
is excellent. 

Since in highly deviated wells the direction of fracture initiation is likely to 
differ from the ultimate direction of propagation, this turning of the fracture 
direction can have major implications during fracture execution (screenouts as 
a result of inadequate width “around a bend”) and a choked fracture for the 
production after the treatment. 

A most attractive element is the option to drill a horizontal well in the 
direction of minimum horizontal stress (i.e., transverse fractures will be initiated) 
or in the direction of maximum horizontal stress (i.e., a longitudinal fracture 
will be initiated). In Reference 106 guidelines are given to decide on either of 
these two options. 

The base case is a vertical well with a vertical fracture. If F, > 10, then a 
horizontal well with transverse orthogonal fractures is indicated. If FcD < 2, a 
horizontal well with a colinear, longitudinal, fracture is indicated. For F,, values 
between 2 and 10 a more detailed calculation is needed. This is again outlined 
in Reference 106. 
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Figure 6-1 68. Fracturing pressure of six arbitrarily oriented horizontal 
wells [107]. 
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In all cases the decision to drill a horizontal well instead of a vertical well 
must be done on the basis of NPV calculations. The incremental performance, 
if any, must cover the incremental cost of drilling the horizontal well. 

For transverse fractures, each individual fracture is penalized by a skin effect 
describing the inefficient contact between well and fracture [104]. Then the sum 
of the individual NPVs is optimized. Each fracture is assessed a share of the 
drainage area and a portion of the incremental drilling costs. 

Matrix Stlmulatlon 

Damage around the wellbore may severely reduce the production or injection 
rate of the well. This damage, which may have a variety of origins, may also be 
of different type and nature. 

Flow impairment around the wellbore has been described by a positive skin 
effect as has been introduced in Equation 6-200. A common representation of 
the skin effect due to damage is given by Hawkins’ formula: 

(6-255) 

where ks = permeability of damage zone in md 
rs = extent of damage zone in ft. 

The skin effect, influencing the well performance (and the one obtained from 
a pressure transient test), is a multicomponent variable including mechanical 
effects, phase and rate-dependent effects, along with the near-wellbore damage. 
Thus the total skin effect s, is 

s, = s* + see + sp + zps (6-256) 

where sd = skin due to damage 
sd = skin effect due to partial penetration and slant [lo81 

sp = skin effect due to perforations [lo91 
xps = rate and phase-dependent pseudoskin factors. 

The see and sp can be calculated as outlined in References 108 and 109, 
respectively, while xps can be usually quantified by variations (and correlation) 
of the producing pressure and rate. This exercise is necessary for every well in 
order to isolate the damage-induced skin effect, which is the only one that can 
be removed via matrix treatments. The other components of the skin effect can 
be large, and their quantification is necessary in the design and evaluation of 
matrix stimulation treatments. To remove damage, fluids are injected at Ymatrk” 
rates in order to prevent unintentional fracturing of the formation. This is 
critical for the success of these treatments. 

Because not all damage is acid-removable, an identification of the different 
types of damage and their treatments are shown in Figure 6-169 from Reference 
110. Only damage caused by silts and clays (under heading number 7) can be 
removed by acid. 

Sandstone a c i d ~ g  and the appropriate fluid selection depends on mineralogy, 
temperature and nature of damage. Figure 6-170 from Reference 111 outlines 
a treatment selection guide for damage removal in sandstone reservoirs. The 
‘mud acid” referred to in Figure 6-170 is a mixture of HF (0.5 to 3%) and HCl 
(3 to 13.5%). 
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Figure 6-169. Types of damage and suggested matrix treatments [110]. 
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Matrlx Acldizlng Design 

Reference 112 lists the major steps necessary for a matrix acidizing design: 

1. Ensure that the well is damaged and that a high skin effect is not mechani- 

2. Establish the nature of damage. 
3. Determine the appropriate fluid for the treatment (see Figure 6-169 for 

4. Calculate maximum rate and pressure to avoid unintentional formation 

5. Determine volume requirements for treatment. 
6. If the formation is multilayered or if it presents a substantial vertical 

permeability anisotropy, determine a placement technique (diversion). 
7. Evaluate treatment for its success (or failure) and consider these findings 

in future, similar, treatments. 

cally induced. 

general fluid selection and Figure 6-170 for acidizing treatments). 

fracturing. 

Of the above, items 5, 6 and 7 will be outlined. 

Fluid Volume Requlrements 

For sandstones, a matrix acidizing treatment usually consists of a preflush, 
an acid and an overflush volume. The preflush provides a separation between 
conate water and HF to help prevent the formation of damaging sodium and 
potassium f luosilicates and reacts with carbonate minerals to prevent their 
reaction with HF (and thus its spending). Usual preflush is 5 to 15% HCl. The 
acid volume is generally 12 to 3% mixture of HCl and HF. The optimum design, 
based on experience, is 125 to 200 gal/ft of formation [105]. 

The overflush volume, ranging from 50 gal/ft to 1 to 5 times the volume of 
the acid formulation, is usually either 3 to 10% HC1, NH,C1 or a light hydro- 
carbon, such as diesel. For a gas well, nitrogen may be used. 

For carbonate reservoirs, the flow and reaction of acid within the formation 
is significantly more complicated. Viscous fingering, but particularly special 
instabilities called wormholes, are generated. The quantification of the worm- 
holing phenomenon as it pertains to the skin effect reduction was presented 
by Daccord et al. [113]: 

l+AcN;Y- 
d (6-257) 

where d = fractal dimension (= 1.6 for mass-transfer-limited kinetics and = 2 
for surface-reaction kinetics) 

A. = acid capacity number [ 1 131 
= Peclet number NF = volume of acid injected. 

Dlverslon In Yatrlx Acldlslng 

When fluids are injected in a multilayered reservoir, the natural trend is to 
follow the path of least resistance, i.e., the higher permeability and/or least- 
damage zone. However, in order to stimulate the formation effectively, all 
damage must be removed and thus an injection profile modification is necessary. 
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In the past, mechanical diverting techniques were used. These included 
inflatable packers, “frac baffles” and ball sealers. Recently, chemical diverters 
such as water-soluble benzoic acid (for water injection wells) and hydrocarbon 
resins (for oil producers) have been employed. These diverters, injected 
preferably just prior to the acid injection or with the acid itself 7-1 deposited 
on the sandface, creating a diverter cake of a resistance Rcake and thus a 
temporary skin factor sCAe [83]: 

2 nkh 
s,* = - A (6-258) 

where A is the area of flow and Rc, is experimentally determined. The amount 
of diverter deposited on the sandface increases as long as the layer takes a 
disproportionate amount of fluid. Cake deposition ends when the flowrate is 
distributed only as a function of the layer height. Figure 6-171 is a depiction of 
matrix stimulation injection without and with a diverter. 

Currently, work is done to use foams as diverting agents. They appear to work 
both in the manner described above for chemical diverters, but also as 
“inadvertent” diverters: they decompose in the oil zone (thus allowing acid 
penetration) and they are stable in water zones (thus plugging acid flow). 

Q 

5000 

5050 

51 00 

Figure 6-171. Fluid distribution for matrix stimulation injection in a multi- 
layered reservoir. On the left, without diverters; on the right, with diverters. 
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Matrlx Stimulation in Horizontal Wells 

To evaluate a proper matrix stimulation treatment in horizontal wells, a 
description of the damage profile along and normal to the horizontal well 
trajectory is necessary. Frick and Economides [114] have shown that the distribu- 
tion of formation damage surrounding a horizontal well is neither radial nor is 
it evenly distributed along the wellbore. 

During drilling and well completion, mud filtrate and completion fluids 
penetrate the pay zone. Since the exposure time of the formation to drilling 
and completion fluids is longer at the horizontal section nearer the vertical 
section, the shape of damage distribution along the wellbore will be a truncated 
cone, with the larger base near the vertical section of the well. This profile of 
damage is evident also during production, because the pressure gradient normal 
to the well nearer the vertical section is (usually) the largest. 

Permeability anisotropy, represented by j3, generates an elliptical shape of 
damage distribution normal to the well. The geometrical shape of a truncated 
elliptical cone results in an expression for the skin effect around a horizontal 
well [114]: 

(6-259) 

where +,,, is the horizontal half-axis of the larger base of the elliptical cone 
of damage, as shown in Figure 6-172 along with cross-sections of damage for 
various j3. This expression is analogous to Hawkins’ formulation for vertical wells 
and can be used in the usual manner, implying a steady-state pressure drop. 

Stimulation Considerations. Horizontal wells have such long exposed intervals 
that stimulation fluid volumes per unit length, used in vertical wells, are not 
practical. While pumping as much as 150 gal/ft is routine in vertical wells, such 
a coverage implies 300,000 gal of acid in a 2,000-ft horizontal well. Pumping at 
1 bpm, these volumes would require 120 h of pumping. 

A further constraint is proper placing of acid (diversion): acid has a tendency 
to extend existing flow paths. Thus, acid thief zones are either natural or 
created, and there is therefore a need for substantial optimization of matrix 
stimulation in terms of technical and economic considerations. 

When planning for a partial removal of the damage, the distribution of the 
stimulation fluid is a crucial issue. A simple calculation of posttreatment skin 
effect determines that the distribution of the stimulation f h id should mimic 
the shape of damage. Deliberate blanking of horizontal well segments and 
complete damage removal in the perforated sections offer another potential for 
significant optimization of the stimulation treatment. 

The previous considerations require a methodology of acid placement. Bull- 
heading the fluids into the horizontal portion is not recommended. Such 
treatments stimulate only a minor portion of the horizontal well near the vertical 
section. Coiled tubing is a proper tool for the distribution of stimulation fluids. 
The rate of coiled tubing withdrawal can be calculated and depends on the 
injection rate and volumetric coverage. 
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I3 = 0.25 R =  1 R = 3  
Figure 6-172. Shape of damage along and normal to a horizontal well [114]. 

Evaluation of Matrix Acidizing Treatments 

Paccaloni [115] was the first to use instantaneous pressure and rate values to 
compute the changing skin effect at any time during the treatment and thus 
evaluate the progress of the job. He used a steady-state pressure response and 
defined a “damage ratio,” D R  

(6-260) 

The method allows the estimation of both the original (damage) skin effect as 
well as its evolution. 

A new technique, which does not use a steady-state assumption, was introduced 
by Prouvost and Economides [116]. The method uses reservoir transients during 
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acid injection to simulate pressure response and compares it with measured 
values. The difference between these values is attributed to the changing skin 
effect, i.e., 

As = kMP- 
141.2qBp (6-261) 

where Ap,,,, = difference between simulated pressure (with a constant non- 
removable skin effect) and the measured value. The technique 
is illustrated on Figure 6-173. 

The simulated pressure requires a knowledge of reservoir and well parameters, 
namely the permeability k, and the skin effect that cannot be removed by acid. 
If the latter is not known, then zero can be used. The two pressure curves would 
then be apart at the end of the job by a constant value, proportional to the 
nonremovable skin effect. 

A graph of the evolving skin can then be drawn as shown in Figure 6-174. 

SURFACE OIL PRODUCTION SYSTEMS 

The purpose of the surface production facility is: 

to separate the wellstream into three phases: gases, liquids and some solid 

to remove water from the liquid phase 
crude oil treating 
gas conditioning (see Figure 6-175) 

This chapter is a discussion of the design, use, functions, operation and 
maintenance of all facility types. Classification of production facilities by type 
is rather difficult because they differ in production rates, fluid properties, 
location and disposal requirements. 

From a technical point of view producing equipments can be divided into 
two groups: 

impurities 

separating pressure vessels 
storage tanks 

Nomenclature of Seprratlng Vessels 

Separating vessels in oilfield terminology designate pressure vessels used for 
separating well fluids produced from oil and gas wells into gaseous and liquid 
components. The following are examples of separating vessels. 

Scrubber or Knockout: A vessel designed to handle streams with high gadliquid 
ratios. The liquid is generally entrained as mist in the gas or is free, flowing 
along the pipe wall. These vessels usually have a small liquid collection 
section. The terms scrubber and knockout are often used interchangeably. 

Separator: A vessel used to separate a mixed-phase stream into gas and liquid 
phases that are “relatively” free of each other. Other terms used are scrubbers, 
knockouts, line drips and decanters. 
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All reservoir 
fluids Gas 

Figure 6-175. Schematic view of a surface production system. 

Thme-Phase Separator: A vessel used to separate gas and two immiscible liquids 
of different densities (e.g., gas, water and oil). 

Liquid-Liquid Separators: Two immiscible liquid phases can be separated using 
the same principles as for gas and liquid separators. Liquid-liquid separators 
are fundamentally the same as gas-liquid separators except that they must 
be designed for much lower velocities. Because the difference in density between 
two liquids is less than between gas and liquid, separation is more difficult. 

Filter Se@arotors: A filter separator usually has two compartments. The first 
compartment contains filter-coalescing elements. As the gas flows through 
the elements, the liquid particles coalesce into larger droplets, and when the 
droplets reach sufficient size, the g a s  flow causes them to flow aut of the filter 
elements into the center core. The particles are then carried into the second 
compartment of the vessel (containing a vane-type or knitted wire mesh mist 
extractor) where the larger droplets are removed. A lower barrel or boot may 
be used for surge or storage of the removed liquid. 

Line Orip: Typically used in pipelines with very high gas/liquid ratios to remove 
only free liquid from a gas stream, and not necessarily all the liquid from a gas 
stream. Line drips provide a place for free liquids to separate and accumulate. 

Slug Catcher: A particular separator design able to absorb sustained in-flow of 
large liquid volumes at irregular intervals. Usually found on gas-gathering 
systems or other two-phase pipeline systems. A slug catcher may be a single 
large vessel or a manifolded system of pipes. 

Flash Tank (Chamk, Tmp OT Vessel): Conventional oil and gas separator operated 
at low pressure, with the liquid from a higher-pressure separator being 
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“flashed” into it. This flash chamber is quite often the second or third stage 
of separation, with the liquid being discharged from the flash chamber to storage. 

Expansion Vessel: First-stage separator on a low-temperature or cold-separation 
unit. This vessel may be equipped with a heating core to melt hydrates or a 
hydrate-preventive liquid (such as glycol) may be injected into the well fluid 
just before expansion into this vessel. 

Storage Classification [I171 

Atmospheric 

Atmospheric pressure tanks are designed and equipped for storage of contents 
at atmospheric pressure. This category usually employs tanks of vertical cylindrical 
configuration that range in size from small shop welded to large field erected 
tanks. Bolted tanks, and occasionally rectangular welded tanks, are also used 
for atmospheric storage service. 

Low Pressure (0 to 17 kPa or 0 to 2.5 pslg) 

Low-pressure tanks are normally used in applications for storage of inter- 
mediates and products that require an internal gas pressure from close to 
atmospheric up to a gas pressure of 2.5 psig. The shape is generally cylindrical 
with flat or dished bottoms and sloped or domed roofs. Low-pressure storage 
tanks are usually of welded design. However, bolted tanks are often used for 
operating pressures near atmospheric. Many refrigerated storage tanks operate 
at approximately 0.5 psig. 

Medium Pressure (17 to 103 kPa or 2.5 to 15 psig) 

Medium-pressure tanks are normally used for the storage of higher volatility 
intermediates and products that cannot be stored in low-pressure tanks. The 
shape may be cylindrical with flat or dished bottoms and sloped or domed roofs. 
Medium-pressure tanks are usually of welded design. Welded spheres may also 
be used, particularly for pressures at or near 15 psig. 

High Pressure (Above 103 kPa or 15 psig) 

High pressure tanks are generally used for storage of refined products or 
fractionated components at pressure above 15 psig. Tanks are of welded design 
and may be of cylindrical or spherical configuration. All above tanks are 
aboveground storage. 

Gas-processing industry liquids may be stored underground, conventionally 
mined or solution mined caverns. No known standard procedures are available 
for this storage type; however, there are many publications and books covering 
the subject. For more details about storage classification, see Table 6-35. 

Phase Separation [117-1201 

Practical separation techniques for liquid particles in gases are discussed. The 
principles used to achieve physical separation of gas and liquids or solids are 
momentum, gravity settling and coalescing. Any separator may employ one or 
more of those principles, but the fluid phases must be immiscible and have 
different densities for separation to occur. 
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Table 6-35 
Storage Classlflcatlon [117] 

Momentum 

Fluid phases with different densities will have different momentum. If a two- 
phase stream changes direction sharply, greater momentum will not allow the 
particles of the heavier phase to turn as rapidly as the lighter fluid, so separation 
occurs. Momentum is usually employed for bulk separation of the two phases 
in a stream. 

Gravity Settling 

Liquid droplets will settle out of a gas phase if the gravitational force acting 
on the droplet is greater than the drag force of the gas flowing around the 
droplet (see Figure 6-177). These forces can be described mathematically. Drag 
force (F) on a liquid droplet in a gas stream is determined from 

Hence, 

and from Newton's second law 

(6262) 

WP 
Y L  - Y, F , W  and if w = 

g g  YL 
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Figure 0-1 70. Typical surface production equipment. 

Forces on Liquid Droplet in Gas Stream 
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Figure 6-177. Forces on liquid input in gas system [117]. 
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(6-263) 

where F = drag force in lb 
V, = terminal velocity in ft/s 
g = acceleration due to gravity in ft/s2 

W, = weight of particle in lb 
yL,g = liquid and gas-phase specific weights in Ib/fts 
A, = particle cross-sectional area in ft2 
DP = droplet diameter in ft 
C, = drag coefficient of particle (dimensionless) 

The drag coefficient has been found to be a function of the shape of the 
particle and the Reynolds number of the flowing gas. For the purpose of this 
equation, particle shape is considered to be a solid, rigid sphere. 

Reynolds number is defined as 

1,488D,V,yg 
CL 

Re = (6-264) 

where p = viscosity (cp) 

In this form, a trial-and-error solution is required since both particle size DP 
and terminal velocity V, are involved. To avoid trial and error, values of the drag 
coefficient are presented in Figure 6-178 as a function of the product of drag 
coefficient C, times the Reynolds number squared; this technique eliminates 
velocity from the expression. The abscissa of Figure 6178 is represented by 

Drag Coefficient of Rigid Spheres 

CD(Re)2 
Flgure 6-1 78. Drag coefficient of rigid sphere [117]. 
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(6-265) 

For production facility design (turbulent flow), the following formula for drag 
coefficient is proper: 

c,=-+- 24 +0.34 
Re 

and if DP is expressed in micrometers + d, 

0.5 

v, = o.oiig[ [ -.;;.).I Y -Y d, 

(6-266) 

(6-267) 

Equations 6-266 and 6-267 can be solved by an iterative solution as follows 

1. Write the equation for laminar flaws (C, = 0.34) 

0.5 
V, =0.0204[ ( Y L - Y  YB 1 dm] 

2. Calculate Re = 0.0049(ygc&,V/p) 
3. From Equation 6-266 calculate C,. 
4. Recalculate V, using Equation 6-267. 
5. Go to Step 2. 

The above technique is proper assuming that known diameter drops are removed 
(e.g., 100 pm). 

Separator Design and Construction 

There are three types of separators: vertical, horizontal (single and double 
tube) and sometimes spherical (Figure 6-179). 

Vertical separators are usually selected when the gasJliquid ratio is high or 
total gas volumes are law. In this sort of vessel, the fluids enter the vessel striking 
a diverting plate which initiates primary separation. 

Liquid removed by the inlet diverter falls to the bottom of the vessel. The 
gas moves upward, usually passing through a mist extractor to remove suspended 
mist, and then flaws out. Liquid removed by the mist extraction is coalesced 
into larger droplets that fall down to the liquid reservoir in the bottom. Mist 
extractors can significantly reduce the required diameter of vertical separators. 

Horizontal separators are most efficient for large volumes of total fluids and 
when large amounts of dissolved gas are present with the liquid. The greater 
liquid surface area provides optimum conditions for releasing gas from liquid. 

According to API Standards [121,12'2], Tables 6-36 through 6-38 are for 
nominal industry standards. 
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-+-- 

Figure 6-179. Gas liquid separators: (a) vertical, (b) horizontal, (c) spherical 
[117]. 

Vertical Separators 

The following calculations are presented as a guide to the design and sizing 
of two-phase separators. Sizing should be based on the maximum expected 
instantaneous rate. 

For practical purposes, for vertical separator, Equation 6-263 is written as 

0.5 

v, = IC( '.,'.) (6-268) 

where V, = terminal velocity of liquid droplets or maximum allowable superficial 

K = a constant depending on design and separating conditions in ft/s; 
velocity of gas in ft/s 

see Table 6-39 

Example 1 

A vertical gravity separator is required to handle 10 MMssfd of 0.6 specific 
gravity gas at an operating pressure of 1,000 psia and a temperature of 6OOF. 
Liquid flow = 2,000 bpd of 40OAPI oil, pg = 0.014 cp. 

Solution 

1. Find K from Table 639 where K = 0.26 ft/s. 
2. Calculate minimum diameter, such that if 
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Table 6-36 
Vertical Separators. Slze and Worklng Pressure Ratlngs [121] 

Nominal Maximum Albwrbb Workiw Pnwm. PSIC @ 1W.F. 
Di&neter,lncha , 

1440 2DuO 
1200 Moo 

pooo 
lDu0 1440 

16 ... m 600 loo0 
20 1% YJO ooo loo0 
24 1% 450 000 lW 1YM 1440 
so 1% ouu 1wO I20 1440 2000 
30 126 'LJO ooo loo0 1200 1440 euou 
42 1% 230 800 lo00 lwlo 1440 wou 
48 1% Yao WWI lo00 1200 1440 2000 
64 1% Yaa WYI 1000 12uO 1440 yooc) 
Liu 126 299 ouo 1OW 1- 144U *urn 

No* a. Shell lsnglh is l a l u d l y  czpandad in 0% mOt incrementa maaured hwn head seam to head seam and ir 
typicaily 6 [et, 1% f a  or 10 feet. A minimum hnmh-todiameter rntio of 0.0 b normally used. 

b. Vmwl dinmeleer Ir genefnlly expunled in 6 inch increments, measured either u outside diameter (OD) or 
inuidc diameter (ID). OD Isparators are normally lurn*h#l up to Y4 inch diamtur. Separalurr above this 
rira may bs either OD or ID  -la. 

Table 6-37 
Horlzontal Separators. Slze and Worklng Pressure Ratings [121] 

Nominal 
Diameter. lncha 

Muimum Allowable Working Preuure. R I G  8 lWF. 

12% ... 230 OM) 1W lz00 1440 Yo00 
16 ... mo 600 lo00 1200 1440 zoo0 
Yo 146 280 600 low 1200 1440 Yam 
44 126 280 wn 1000 1200 1440 zoo0 
30 lW1 Ysll w)o 1000 1200 1440 3wo 
.yo 125 m 600 lo00 WKI  1440 mMJ 

1440 'm 

20M) 
1440 

rlz 126 BO ooo 1000 
49 126 230 600 1000 
64 U 6  230 600 1000 lpoo 1440 
60 126 nu, 600 1000 Is00  1440 2000 

lz00 mm 

Notel: a. Bholl length is generally expanded In 0% foot incrementa measured fmm head w m  to hod scam and u 
m i d l y  6 feel. 1% feet. or 10 feet. A minimum lenmh-lu-diaIMlcr rat& or LO is normally used. 

b Veurcl diameter is p n m l l y  expanded in 6 inch incrementa, mnrurad either u outside diameter (OD) or 
inaide diameter (ID). OD raparators am narmally hrniihed up to 2( Inch diameter. Beparatom above thir 
6 i U  may k either OD or ID veaaelr. 

Table 6-38 
Spherical Separators. Size and Working Pressure Ratlnss H211 

Nominal Ouhlde 
Diamcur. Inthem 

Muimum Albwrbh Working Prunure. PSI0 8 1 W F .  

24 
99 
30 
41 
4Y 
411 
M 
00 

I. ... ... 
1% 
126 
IYS 
12s 
1Y6 

wo 

IWU 
lW 
lUUU 
lU00 
1000 
1OW 
lW0 
1W 

1 6  1440 
loo0 1440 
1W 14JU 
1WO 1440 
1200 1.140 
1YW 1440 
lY00 1440 
lY00 1440 
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Table 6-39 
Typical K Factor Values in Equation 6-268 [I 171 

Separator Type 

Horizontal (w/vert. pad) 
Spherical 
Vrt. or Horz. (w/horiz. pad) 

@ Am. Pressure 
@ 300 psig 
@ 600 psig 
@ 900 psig 
@ 1500 psig 

Wet Steam 
Most vapors under vacuum 
Salt & Caustic Evaporators 

KFactor 
(ft/sec) 

0.40 to 0.50 
0.20 to 0.35 
0.18 to 0.35 
0.35 
0.33 
0.30 
0.27 
0.21 
0.25 
0.20 
0.15 

Note: (1) K =  0.35 @ 100 psig-Subtract 0.01 for every 100 
psi above 100 psig. 

(2) For glycol and amine solutions, multiply K by 0.6-0.8. 
(3) Typically use onehalf of the above Kvalues for approximate 

sizing of vertical separators without woven wire demisters. 
(4)  For compressor suction scrubbers and expander inlet 

separators multiply K by 0.7-0.8. 

then 

R A, = - D ~  
4 

Gas specific weight i s  y, = (PM/ZRT) 
M = 0.6 x 29 = 17.4 
P = 1,000 psia 
T = 520"R 
R = 10.73 ft3 psia Ib:o,, R-' Z = 0.84 (for given P, T, M) 

Liquid specific weight is 

y , = 6 2 . 4 x S G 0  = 6 2 . 4  141'5 = 51.48 1b/ft3 
131.5 + 40 
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Weight rate of flow w, (Ib/s) is 

- l ox  lo6 x 17.4 = 5.3 Ib/s - Q( scf )17.4( lb, /Ib mol) * =  
379.4(scf/lbmol)x(24x3,6OO)s 379 .4~86,400 

w 5.31bm/s 
y, 3,7131b,/ft3 

Q A = - -  - = 1.43fty3 

v, = v, 

D = 1.39 ft = 16.76 in. 

Minimum diameter is 20 in. (See Table 636). If 

DP is usually 100-150 pm. 
Assume 

D, = 150 pm = 150 x 0.00003937/12 

= 4.92 x 10" ft 

From Equation 6-265 

0.95 X 10' x 3.713(0.000492)3(51.48 - 3.713) = 10,238 C,(Re)' = 
(0.014)' 

From Figure 6-178 

c, = 0.99 

4 x 32.174 x O.OOO492(51.48 - 3.713) 
3 x 3.713 x 0.99 

v g = - =  0.52fVs 
DS 
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D = 1.87 ft = 22.5 in. 

and from Table minimum diameter is 24 in. Assume 

D, = 100 pm = 100 x 0.00003937/12 

= 0.000328 ft 

0.95 x 10' x 3. 713( 0.000328)'(51.48 - 3.713) = 2, 592 C,(Re)* = 
( 0.014)' 

From Figure 6-178 

C, = 1.75 

(4  x 32.174 x 0.000328~ 48.307) = 1046fi,s v, = 
3 x 3.713 x 1.75 

v g = - -  - 0.1046 
D 2 

D = 4.17 ft = 50 in. 

The maximum allowable superficial velocity calculated from the factors in 
Table 6-39 is for separators normally having a wire mesh mist extractor (see 
Figure 6-180). This rate should allow all liquid droplets larger than 10 pm to 
settle out of the gas. The maximum allowable superficial velocity should be 
considered for other types of mist extractors. 

Further calculations refer to D = 20 in. (separator with a mist extractor). 
Diameters D = 24 in. and D = 50 in. refer to separator without mist extractor. 

3. Calculate liquid level h. A certain liquid storage is required to ensure that 
the liquid and gas reach equilibrium at separator pressure. This is defined as 
"retention time" where liquid is retained in the vessel assuming plug flow. The 
retention time is thus the volume of the liquid storage in the vessel divided by 
the liquid f lowrate. Basic design criteria for liquid retention time in two-phase 
separators are generally as follows [121]: 

Above 35"API 
20-3O"API 
1 WO0API 

1 
1 to2 
2 to 4 

VOl. ft5 t=-- 
Q ftg/s 

Vol.= - I C ~ ~ ~  = miph = 4.545 x lo4  d'h 
4 12 4(144)12 
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7 Outkt 

dm- dlnwcrbrwrrw8lim 

Flgure 6-180. The geometry of a vertical separator [119]. 

D = 20 in. 

Vol. = 0.1818h 

Q, = bpd 

Q = QL X 5.615- ftg X- day x-= hr 0.000065QL 
barrel 24hr 8,600s 

= 2,797- h 
0. 000065QL QL 

t =  

Assume f = I min (API = 40') 
SO, 

4. Calculate seam--seam length (L). The seam-to-seam length of the vessel 
should be determined from the geometry of the vessel once a diameter and 
weight of liquid volume are known. 
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L, = - h+76(in.) or 
12 

h + D + 4 0  
12 

L, = 

5. Compute slenderness ratio (LJD), which is usually in the range 3 to 4, 
such that 

6. Choosing the diameter, because (LJD)  
diameter D = 24 (next higher diameter from Table 6-36). 

Vol = 0.2618h 

4 lets assume higher 

0.2618h = 4,028- h 
0.000065QL QL 

t =  

If 

t = l m i n  

then 

2,000 
4,028 

h = - = 0.5ft = 6 in. 

L,=-- 6+76 - 6.83ft = 82in. 
12 

Proper size of separator is 24 in. x 7 ft. 

Horlzontal Separators 

In the case of horizontal separators, the gas drag force does not directly 
oppose the gravitational settling force. The true droplet velocity is assumed to 
be the vector s u m  of the vertical terminal velocity and the horizontal gas velocity. 
The minimum length of the vessel is calculated by assuming the time for the 
gas to flow from the inlet to outlet is the same as the time for the droplet to 
fall from the top of the vessel to the surface of the liquid. In calculating the 
gas capacity of horizontal separators, the cross-sectional area of that portion of 
the vessel occupied by liquid (at maximum level) is subtracted from the total 
vessel cross-sectional area, as shown in Figure 6181. 
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0.804 0.436 

Figure 6-181. The fraction of the total area available for gas flow in 
horizontal separator. 

Separators can be any'length, but the ratio L,, to D of vessel is usually in 
the range 2:l to 4:1, so that 

(6-269) 

Sometimes separators without mist extractors are sized using Equation 6-268 with 
a constant K of typically one-half of that used for vessels with mist extractors. 

Example 2 

and 0.436. 
Solve Example 1 in case of horizontal separator with mix extractor if F = 0.564 

1. Find K value from Table 6-39 where K = 0.3. 
2. The gas capacity constraint is determined from 

Q 
A, 

v =- 

n: Ag=0.564x-D' =0.443DP 
4 

106sCf day x h r x  14.7 x- TZ = 0.327-QQ, TZ X- Q=QgXMMscf 24hr 3,600s P 520 P 

0.327TZQ TZQ v, = =0.74- 
0.443D'P D'P 

The residence time of the gas (tg) has to be equal to the time required for 
the droplet to fall to the gas-liquid interface tr: 

L Effective length for separator - L,D*P 
v, Gas velocity 0.74TZQg 

t =A - 
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D-h  t, = - 
v, 

If F = 0.564, then h/D = 0.45, where h = 0.45D and ta= 0.55D/Vt 
If L,, = L& + D for gas capacity, the 

and 

0.55D 
t, = 

0.3[ yLiyKr( y) L + D o'56 

where t8= t, and 

0.55D - - L ~ D ~ P  
0. 74TZQg 

6D 
(L, + D)O.= 

D'L, = 

From the above constraint for given D, L, could be calculated, but gas capacity 
does not govern. 
3. Liquid capacity constraint is calculated from 

Vol . t, = - 
Q 

where Vol. = (nD*/4)(1 - F)L,, = 0.343D2L, 
Q = Q x 5.615(ft3/barrel) x (day/24 hr) x (hr/3,600 s) = O.O00065Q, 
t, = 0.843D2LJ0.000065Q 

DzLeff = (t, x 0.000065QL)/0.343 

If tris in minutes, then an DzLe, = 0.01137trQ,. 

and Left, such that 
4. Assume retention time t, = 1 min. Compute combination D (see Table 6-37) 

D = 2 ft 

D = 2.5 ft 

5. Compute slenderness (LJD) = 3.8 and 1.96, respectively. D = 2 ft is a 

L, = 5.7 ft L,= +LeE = 7.6 ft 

Le, = 3.6 ft L, = +Lem = 4.9 ft 

proper size. 
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A second case is where F = 0.436. The gas capacity constant is determined from 

TZQ v, = - where Q=0.327----9 
A, P 

IC A, = 0 . 4 3 6 ~ - D D P  = 0.342DP 
4 

0*327TZQ, =0.96 TZQ 8 v, = 
0. 342DPP D'P 

LctT = L,DSP 
V, 0.96TZQ, 

t, = - 

h = 0.55D h t, = - D - h  if F=0.436,  - = 0.55, vt D 

t, = - 0.45D if V , = K x 3 . 5 8 7  
vt 

L, = L, + D for gas capacity, such that 

V, = 0.988K(L, + D)0.56 where K = 0.3 

1.52D t, = 
(L, + D)R56 

t = t ,  
B 

L,D'P - 1.52D 
0.96TZQ, (L, + D)a" 

- 

Substituting $, P, T, Z gives 

6.4D 
(L, -t D)ass 

L,D~ = 

Liquid capacity constraint is determined from 

VOl. 
t, = - 

Q 
where Vol. = (xDDP/4)(1 - F)L, = 0.443D*LL, 
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Q = 0.000065Q 
t, = 0.443DzL,,J0.000065Q, if tr is in min 

DzL, = 0.0088 trQ 

Assume retention time t, = 1 min and D = 2 ft 

0.0088 x 1 x 2,000 4. ft L, = 
4 

4 L - - x X 4 . 4 = 5 . 9 f t  
= - 3  

D = 2.5 

0.0088x1x2,000 = 2.8ft L, = 
2.5 x 2 . 5  

4 L - - ~ 2 . 8  = 3.8ft 
= - 3  

As you can see, the liquid level has significant meaning for separator length. 
Usually, the fraction of the total area F available for gas flow is equal to 0.5. 
The liquid level control placement of a horizontal separator is more critical than 
in a vertical separator and the surge space is somewhat limited. 
For the above two-phase, oil-gas separation calculation, a FORTRAN program 

is available [123]. 

Vessel lnternals [124] 

The proper selection of internals can enhance significantly the operation of 
separators. Proprietary internals often are helpful in reducing liquid carryover 
at design conditions. But they cannot overcome a basically improper design or 
operation at off-design conditions. 

Production equipment involving the separation of oil and gas often uses 
impingement-type mist-extraction elements. This element is usually of the vane 
type or of knitted wire. 

The vane type consists of a labyrinth formed with parallel metal sheets with 
suitable liquid collection ‘pockets.” The gas, in passing between plates, is 
agitated and has to change direction a number of times. Obviously, some degree 
of centrifugation is introduced, for as the gas changes direction the heavier 
particles tend to be thrown to the outside and are caught in the pockets provided. 

Coalescence of small particles into those large enough to settle by gravity is 
provided by two mechanisms: agitation and surface. The surface of the element 
is usually wet, and small particles striking it are absorbed. Inasmuch as the 
pockets are perpendicular to the gas flow, the liquid thus formed does not have 
to flow against the gas. Consequently, small compact units have a large capacity. 

As the plates are placed closer together and more pockets are provided, 
greater agitation, centrifugal force and collection surface are provided, but the 
pressure drop is increased correspondingly. Thus, for a given f lowrate, the 
collection efficiency is normally some function of the pressure drop. 
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In the average application this pressure drop varies from 1.2 to 10 in. (3 to 
25 cm) of water. Because of this pressure drop and to prevent gas bypassing 
the extractor, a liquid-collection pan incorporating a liquid seal is necessary for 
the liquid to drain properly. 

Increased use has been made of mist extractors composed of a knitted wire 
mesh supported on a lightweight support. This material has given generally 
favorable results and has a low installed cost. 

The element consists of wire knitted into a pad having a number of unaligned, 
asymmetrical openings. Although similar in appearance to filter media, its action 
is somewhat different. The latter are rather dense and have small openings. This 
knitted wire, on the other hand, has about 9’1 to 98% free voids and collects 
the particles primarily by impingement. 

The material is available in single wound units of varying thickness in 
diameters up to 35 in. (90 cm) or in laminated strips for insertion through 
manholes in large process vessels. 

The principle of separation is similar to that of the vanetype unit. The g a s  flow- 
ing through the pad is forced to change direction a number of times, although 
centrifugal action is not so pronounced. Impingement is the primary mechanism. 

A liquid particle striking the metal surface, which it does not “wet,” flows 
downward where adjacent wires provide some capillary space. At these points, 
liquid collects and continues to flow downward. Surface tension tends to hold 
these drops on the lower face of the pad until they are large enough for the down- 
ward force of gravity to exceed that of the upward gas velocity and surface tension. 

Efficiency i s  a function of the number of targets presented. This may be 
accomplished by increasing the pad thickness, changing wire diameter, or the 
closeness of the weave. 

The wire mesh normally used falls within the following range 

Wire diameter-0.003-0.01 1 in. (0.0076-0.028 cm) 
Void volume-92 to 99.4% 
Specific weight-3-33 lb/ft3 (48-529 kg/m3) 
Surface area-50-600 ft*/ft3 (164-1970 m2/m3) 

The most commonly used wire has a void volume of 97 to 98%, a bulk specific 
weight of apprhately 12 lb/@ (192 kg/m3), a surface area of 100 to 125 ft*/ft3 
(328-410 m2/m3), with a wire diameter of 0.011 in. (0.028 cm). A pad thickness 
of 4-6 in. (10-15 cm) is sufficient for most separator applications, although 
thicknesses up to 3 ft (0.9 m) have been reported. In separator service, 4-6 in. 
(10-15 cm) will normally suffice. 

Any common metal may be used in these units, including carbon steel, 
stainless steel, aluminum, monel, etc. The pressure drop is a function of the 
entrainment load, the pad design, and gas velocity, but will not exceed 3 cm of 
water in the average installation. Because of this small pressure drop, the 
elements do not have to be “held down” and are normally only wired to the 
support grid to prevent shifting unless surging flow is anticipated. 

Experience has shown that the support grid should contain at least 90% free 
area in order to eliminate any restrictions to liquid drainage. The pads are light 
in weight so that a light angle-iron support is adequate. 

When both liquid and solids are present, a portion of the latter obviously 
will be scrubbed out. When only dry solids are present, the efficiency is 
substantially less. At the present time, though, this type unit is considered 
primarily for liquid removal. 
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Many vessel carryover problems are encountered. Foaming is a major culprit 
and requires more than simply better mist extraction. Most such problems 
develop by default. The vendor automatically uses his or her standard sizing 
curves and equipment, and the buyer assumes this will be good enough. 

With glycols, amines and similar materials, which tend to foam, I would 
normally specify a dual mist extractor-the lower one being of the vane type 
and the upper one being a wire mesh. A space of 6-12 in. (15-30 cm) would 
be left between them. The vane type will handle large volumes of liquid but is 
relatively inefficient on small droplets. It, therefore, serves as a bulk removal 
device (and helps coalesce foam). The wire mesh, which has limited liquid 
capacity, may therefore operate more effectively. 

When using the vanetype mist extractor one must be careful that the pressure 
drop across it does not exceed its height above the liquid level if a downcomer 
pipe is used. Otherwise, liquid will be “sucked out” overhead. The downcomer 
pipe can become partially plugged to accentuate the problem. Two wire mesh 
pads may be used in like fashion, with the first being used as a coalescer. As a 
rule of thumb, the coalescer pad should have about half the free space area of 
the second pad. Any wire mesh pad should be installed so that the flow is 
perpendicular to the pad face (pad is horizontal in a vertical vessel). 

With materials like glycol and amine, which wet metal very well, Teflon-coated 
mesh may prove desirable. Remember, the liquid must be nonwetting in order 
to stay as droplets that can run down the wires and coalesce into bigger droplets. 
A wetting fluid will tend to “run up” the wires. 

It has been noted that centrifugal force is an integral part of separation 
processes. The standard oil and gas separator may have an inlet that utilizes 
centrifugal force to separate the larger droplets. 

The same principle is used in some mist-extractor elements except that higher 
velocities are needed to separate the smaller droplets. The velocity needed for 
separation is a function of the particle diameter, particle and gas specific weight 
and the gas viscosity. 

With a given system, the size of particle collected is inversely proportional 
to the square root of the velocity. Consequently, the success of a cyclonic mist 
extractor is dependent on the velocity attained. Furthermore, the velocity needed 
to separate a given sue of particle must increase as the density of the particle 
becomes less. In addition to producing the necessary velocity, the mist extractor 
must provide an efficient means of collecting and removing the particles 
collected in order to prevent reentrainment. 

One common type of equipment is often called a steam sepumtor since it has 
been widely used to separate condensate and pipe scale in steam systems. It is 
normally a relatively small vessel that imparts a high velocity to the incoming 
gas and then makes the gas change direction radically to prevent reentrainment. 
In general, it will separate particles 40 and larger very efficiently. 

Another type uses the same principle but, in addition, forces the gas to pass 
through a labyrinth that introduces impingement effects and forces the gas to 
change direction a number of times. This is, in reality, a combination type and 
is relatively efficient. The general performance characteristics are the same as 
efficient mist extractors of other types. Some, however, are complex and 
relatively expensive. 

Gas-011-Water Separation 

Two liquids and gas or water-oil-gas separation can be easily accomplished 
in any type of separator by installing either special internal baffling to construct 
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a water lap or crater siphon arrangement or by use of an interface liquid level 
control. A three-phase feature is difficult to install in a spherical due to the 
limited internal space available. With three-phase separation two liquid level 
controls and two liquid damp valves are required. Figures 6-182 to 6-184 illustrate 
schematic three-phase separators. The basic design aspects of three-phase 

Prrrruro Control Valve 

Inlet Oivrrlrr Mlrt Extractor 

Figure 6-1 82. Water-oil-gas vertical separator [119]. 

Pressure Control Valve 

In 

Level Control Valve8 

Flgure 6-1 83. Three-phase horizontal separator [119]. 
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t 

Figure 6-1 84. Three-phase horizontal separator with coalescer plates. 

separation have been covered under “Sizing of Two-Phase Oil-Gas Separators.” 
Regardless of shape, all three-phase vessels must meet the following requirements: 

a. Liquid must be separated from gas in a primary separating section. 
b. Gas velocity must be lowered to allow liquids to drop out. 
c. Gas must be scrubbed through an efficient mist extractor. 
d. Water and oil must be diverted to a turbulence-free section of the vessel. 
e. Liquids must be retained in the vessel long enough to allow separation. 
f. The water-oil interface must be maintained. 
g. Water and oil must be removed from the vessel at their respective outlets. 

Sizing a three-phase separator for water removal is mainly a function of 
retention time. Required retention time is related to the volume of the vessel, 
the amount of liquid to be handled and the relative specific gravities of the 
water and oil. The effective retention volume in a vessel is that portion of the 
vessel in which the oil and water remain in contact with one another. As far as 
oil-water separation is concerned, once either substance leaves the primary 
liquid section, although it may remain in the vessel in a separate compartment, 
it cannot be considered as a part of the retention volume. There are two primary 
considerations in specifying retention time: 

1. oil settling time to allow adequate water removal from oil 
2. water settling time to allow adequate oil removal from water 

Basic design criteria for liquid retention time in three-phase separators are 
given in the Table 6-40 [117]. 

Example 3 

Determine the size of a vertical separator to separate: 6,300 bpd of oil from 
its associated gas, water 500 bpd (SG = 0.75) at a pressure of 300 psig and a 
temperature with SG, = 1.03, 100°F. The oil has a density of 49.7 lb/ft3 and 
solution gas/oil ratio of 580 scf/STB at 60°F and 14.7 psia. 

1. The gas capacity constraint V, = V,, such that 
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Table 6-40 
Typlcal Retentlon Tlme for Llquld-Liquld Separation [117J 

Type of &pardon Retention llm@ 
HydrocarbonMlater Separators 

Above 35' API Hydrocarbon 310 5min. 
Wow 35' API Hydrocarbon 

100 'F and above 5 to 10 min, 
8o'F 10 to 20 min 
60 'F 20 to 30 rnin. 

Ethylene GlycovHydrocarbon Separators 
(M seP--) 20b60min, 

AmindHydrocarbon Separalom 20to30min. 
Coaleacers, HydrocerbonMlater Separators 

Mo 'F and above 5 to 10 min, 
80T 10 to 20 min, 
W F  20 to 30 min. 

CaustielPropane 30 ta 45 min. 
CausWeavy Gasoline 30 to 90 min. 

Q=- R,xQ,  x14.x - TZ v, = - 
A, 86,400 P 520 

P = 300 

Q = 2.1 ft3/s 

T = 560 Z = 0.94 (from chart) 

ms 
4 

A, - = 0.785D4 

a5 

V,  = K( K = O.%(fromTable 6.39) 

yo = 49.7 lb/ftg 

V, = 2.14 f t J s  
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= 2.14ft/s 2 . 1 ~  
S x 0.785D‘ 

D = 1.117 ft = 13.4 in. 

2. Calculate minimum diameter from requirement for water droplets to fall 

For p, assume 3.0 cp. 
through oil layer. Use 500-pm droplets if no other information is available. 

v, = vo 
According to Stokes law 

D; 
V, = 2,660 ( Y w  -Yo) 

P 

where Disinft 7tD‘ 
4 

A = - = 0.785DP 

DP = 500 pm = 500 x 3.2808 x ft 

D ~ =  1.64 x 10-3 ft 

3. Calculate the total weight of oil and water in separator (h, + hw) 

Vol . t, = - 
Q 
nDZ Vol.= - 

4 
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Q = 6.49 x if t is in min 

QL(bpd) 
nD'h 

4 x 6.49 x 10"QL 
t,60 = 

D'h = 4.958 x 10-Qtr 

For two-phase separator design 

D,h, = 4.958 x 10-3Qo(tr), 

Dghw = 4.958 x 10-3Q(tr)w 

h,+ hw - - 4.958x10-~ Q o ( ~ ~ ) o  +Qw(tr)w 
D' 

where h, = height of oil pad in ft 
h, = height from water outlet to interface in ft 

Choose a nominal diameter from Table 6-36 considering minimum diameter in 
pts 2.54 in. (4.5 ft) is a proper choice. (f), = (tr), = 5 min from Table 6-40. 

50Ox5+6,3OOx5 = 8.32ft h, + h, = 4.958 x 10" 
(4.5)' 

if D = 5 ft h, + h, = 6.74 ft 
4. Calculate seam-to-seam length and slenderness ratios for D = 4.5 ft: 

76 
12 

L, = ho+hw+-=8 .32+6 .33=14 .6 f t  

14.6ft - 3.2 for D = 5ft - Lss - - 
D 4.5 

76 
12 

L, = 6.74+- l3ft 

Vertical three-phase separators have slenderness ratios on the order of 15 to 3. 
In this case both diameters are acceptable. 

Example 4 

Determine the size of a horizontal separator for data given in Example 3 and 
F = 0.5. 

1. Gas capacity constraint: tg = td 
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Q v, = - 
A, 

mp 
4 

A, = - x F = 0.393D' 

2.lftS/S 5.34 v, = =- 
0.393D4 DP 

L,Ds t, = - =- v, 5.54 

= 0.589( L, + D)a56 

L= L D4 D 
5.34 0.589(L, + D)a56 

9.07D 
(L, + D)"% 

L,D~ = 

For assumed D calculate L k  

D(fi) Ufi) 
4.0 0.93 
4.5 0.79 
5.0 0.72 

2. Calculate maximw oil pad thickness (ho),. Use 500-pm droplet if no other 
information is available t, = to: 

t, = - ho V, = 2,660 ( y w  - 70) D: 
v, P 
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This is the maximum thickness the oil pad can be and still allow the waterdroplets 
to settle out in time (t,),. If DP= 500 pm = 500 x 3.2808 x ft = 1.64 x lo5 ft 

For a given retention time (from Table 6-40 is equal 5 min) and a given water 
retention time (also 5 min) the maximum oil pad thickness constraint establishes 
a maximum diameter. 

y, = 64.3 lb/fts 

(ho)ms = 10.46 ft 

3. Calculate the fraction of the vessel cross-sectional area occupied by the 

yo = 49.7 lb/fts p = 3 cp 

water phase (see Figures 6-181 and 6-185) A, Aw, A,, (ft*): 

Q(ft3/s) t(s) 

Q = 6.49 x 

to = 60(tr)0 

Q, also Q = 6.49 x 10-5Q 

t = 60(tr)w 

Qo(tr l o  A, = 3.89 x lo-’- Q, (t, 1, A, = 3.89 x 10” - 
L, L a  

A = 2(A0 + Aw) 

Hence 
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4. From Figure 6-185 determine the coefficient "d" and calculate D,- for oil 
pad thickness constraint: 

d = -  ho =0.43  
D 

D, = h = 10 46 = 24.sft 
d 0.43 

D- depends on Q,, Q, (tJo and (tJW. 
5. Liquid retention constraint: 

Vol . t = -  
Q 

V01.z - - L, = 0.393DSL, ;(Y ) 
(Vol.), = 0.393DPL, - (2 1 
(Vol.), = 0.393DSL, - [::I 

Q, and. Q are in bpd: 

Q = 6.49 x 10-5% Q = 6.49 x 1 0 - 5 ~  

0.393 D 'L, (e) 
6.49 x 106Q,, 

to = 

(tJ0 and (QW are in min. 
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Adding by sides 

D*L, = 0*0099[Q&t)o + Q(t),I 

for given (tr)o = (tJW = 5 min, and 

Q, = 6,300 bpd 

D'L, = 0.0099[500(5) + 6,300(5)] = 336.6 

6. Compute combinations of D and L,: 

Q = 500 bpd 

L,, Where L,=L,- 4 and - L, 
3 D 

D(fi) Ufi) Lss Ls$D 

5.0 13.5 18.0 3.5 
5.5 11.1 14.8 2.7 
4.5 16.6 22.2 4.9 

For three-phase horizontal separators, slenderness ratio is in the range of 3 

As we can see, liquid retention constraint limits three-phase separator size, 
to 5 usually, so D = 4.5 and 5 ft are proper choices. 

gas capacity and oil pad thickness does not govern. 

Two-Stage Separation Systems 

In high-pressure gas-condensate separation systems, it is generally accepted 
that a stepwise reduction of the pressure on the liquid condensate will appreciably 
increase the recovery of stock tank liquids. The calculation of the actual 
performance of the various separators in a multistage separation system can be 
made, using the initial wellstream composition and the operating temperatures 
and pressures of the various stages. Theoretically, three to four stages of 
separation would increase the liquid recovery over two stages; the net increase 
over two-stage separation will rarely pay out the cost of the second and/or third 
separator. Therefore, it has been generally accepted that two stages of separation 
plus the stock tank are the most optimum considered. The actual increase in 
liquid recovery for two-stage separation over single stage may vary from 3 to 
15% (sometimes even more) depending on the wellstream composition, operating 
pressures and temperatures. 

The optimum high stage or first separator operating pressure is generally 
governed by the gas transmission line pressure and operating characteristics of 
the well. This will generally range in pressures from 600 to 1,200 psia (41.4 to 
82.7 bar). For each high or first-stage pressure there is an optimum low-stage 
separation pressure that will afford the maximum liquid recovery. This operating 
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pressure can be determined from an equation based on equal pressure ratios 
between the stages 

(6-270) 

where R = pressure ratio 
n = number of stages 

P, = first-stage separator pressure in psia 
P2 = second-stage separator pressure in psia 
P, = stock tank pressure in psia 

Figure 6-182 illustrates a schematic flow diagram of a typical high-pressure 
well production equipment installation [ 1251. The basic equipment is illustrated 
for twostage separation of the high-pressure stream. From the wellhead, the high- 
pressure wellstream flows through a high-pressure separator and indirect heater 
gas production unit. In this unit the inlet stream is heated prior to choking to 
reduce the wellstream pressure to sales line pressure. This is done to prevent 
the formation of hydrates in the choke or downstream of the choke in the 
separator or sales line. From the indirect heater the wellstream passes to the 
high-pressure separator where the initial separation of the high-pressure gas 
stream and produced well fluids occur. 

From the high-pressure separator the gas flows through an orifice meter and 
to the sales line. The liquid from the high-pressure separator passes through a 
diaphragmmotor valve where the pressure is reduced, and it is discharged to a 
low-pressure flash separator. In the low-pressure flash separator that would 
operate at approximately 100 psi (6.9 bar), a second separation occurs between 
the liquids and the lighter hydrocarbons in the liquids. The gas released from 
the low-pressure flash separator is returned back to the high-pressure unit where 
it may be used for both instrument and fuel gas for the indirect heater. As 
illustrated in Figure 6-175, a secondary makeup line is shown from the high- 
pressure separator, which would provide additional makeup gas for the instru- 
ment gas and fuel gas, if not enough gas was released from the low-pressure 
separator. Typically though, more gas is released than is required and the 
additional low pressure gas may be sold in a low-pressure gas gathering system 
and/or used for other utility purposes, such as fuel for compressor engines or 
other fired equipment in the area. This may be for reboilers for dehydrators or 
acid gas sweetening units, etc. From the low-pressure flash separator the liquid 
is discharged through another diaphragm motor valve into a storage tank that 
is generally operated at atmospheric pressure. 

The additional features shown here that are different from a typical single- 
stage installation is the addition of the low-pressure flash separator between the 
liquid discharge from the high-pressure gas production unit and the storage tank. 
This provides for two stages of separation rather than one. This also provides 
a source of low-pressure gas that may be used for utility purposes with any excess 
sold, and increases the stabilization of the liquid product that in effect produces 
more liquid in the storage tank to be sold. 

Example 5 

Perform flash vaporization calculation to determine the increased recoveries 
that would be seen in both the low-pressure flash gas as well as increased liquid 
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recoveries in the storage tank. High-pressure gas SGg = 0.67, the high-pressure 
separator pressures from 500 to 1,000 psi, the low-pressure separator P = 100 
psi and the storage tank pressure P, = 14.7 psia. Temperature for all vessels is 
the same, 70°F. 

Results 

Figure 6-183 illustrates the gas produced from the low-pressure flash separator 
for the above described wellstream at various high-pressure operating pressures 
(line pressure). The gas produced from the low-pressure flash separator in Mcf 
per year may be read from ordinate, based on the high-pressure gas stream flow 
rate in MMscfd and the high-pressure separator operating pressure. 

Figure 6-184 illustrates the increase in stock tank liquid recovery that would 
be achieved by using the low-pressure flash separator. This chart is also based 
on the high-pressure gas flow rate in MMscfd and the high-pressure separator 
operating pressure. The increase in stock tank liquid recovery may be read from 
the chart in bbl/year. 

This additional recovery not only gives profit, but prevents the unneeded 
waste of precious hydrocarbon energy that would normally be vented out the 
stock tank using only single-stage separation. 

Crude Oil Treating Systems [119,126] 

Water content of the untreated oil may vary from 1% to over 90%. Purchasers, 
depending on local conditions, accept a range of 0.2 to 3% of water in oil. When 
water forms a stable emulsion with crude oil and cannot be removed in conven- 
tional storage tanks, emulsion-treating methods must be used. 

An emulsion is a heterogenious liquid system consisting of two iminsicible 
liquids with one of the liquids intimately disposed in the form of droplets in 
the second liquid (the water remaining is less than 10% of the oil). A common 
method for separating water-oil emulsion is to heat the stream. The use of heat 
in treating crude oil emulsions has four basic benefits 

1. Heat reduces the viscosity of the oil, resulting in a greater force during 

2. Heat increases the droplets' molecular movement. 
3. Heat can enhance the action of treating chemicals, causing the chemical 

to work faster to break the film surrounding the droplets of the dispersed 
phase of the emulsion. 

4. Heat may increase the difference in density between the oil and the water, 
thus accelerating settling. 

collision of the water droplets. 

In general, at temperatures below 180°F (82"C), the addition of heat will 
increase the difference in density. Most light oils are treated below 180°F. 
For heavy crudes (below 2O0API), heat may have a negative effect on difference 
in density. 

In some cases, increased heat may cause the density of water to be less than 
that of oil, as it is shown in Figure 6-185. Adding heat changes the quality of 
the oil. The light ends are boiled off, and the remaining liquid has a lower API 
gravity and, thus, may have a lower value. Figure 6-186 illustrates typical gravity 
and volume losses for 33'API crude oil versus temperature. The molecules 
leaving the oil phase may be vented or sold. Heat can be added to the liquid 
by a direct heater, an indirect heater or any type of heat exchanger. 
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Figure 6-1 86. Two-stage separation system. 
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A direct fired heater is one in which the fluid to be heated comes in direct 
contact with the immersion-type heating tube or element of the heater. These 
heaters are generally used when large amounts of heat input are required and 
to heat low-pressure noncorrosive liquids. These units normally are constructed 
so that the heating tube can be removed for cleaning, repair or replacement. 

An indirect fired heater is one in which the fluid passes through pipe coils 
or tubes immersed in a bath of water, oil, salt or other heat-transfer medium 
that, in turn, is heated by an immersion-type heating tube similar to the one 
used in the direct fired heater. Those heaters generally are used for high 
corrosive fluids, and are more expensive than direct fired heaters. 

Heat exchangers are very useful where waste heat is recovered from an engine, 
turbine or other process stream or where fired heaters are prohibited. 

H.P. Gas Flowrate - MMSCFD 

Figure 6-187. Low-pressure gas from flash separator [126]. 
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Treating Equipment 

All devices that accelerate the separation of two phases when the natural 
retention time is too long for commercial application, usually over 10 min., are 
called treaters. Emulsion treaters use some combination of heat, electricity, 
chemicals, retention time and coalescence to separate oil and water. Treaters 
are designed as either vertical or horizontal vessels. The vertical treater is shown 
in Figure 6-188. Flow enters the top of the treater into a gas separation section. 
This section can be small if the treater is located downstream of a separator. 
The liquids flow through a downcomer to the base of the treater, which serves 
as a free-water knockout and water-wash section. If the treater is located 
downstream of a free-water knockout, the bottom section can be small. If the 
total wellstream is to be treated, this section should be sized for sufficient 

H.P. Gas Flowrate - MMSCFD 

Figure 0-188. Stock tank liquid increase with flash separator [126]. 
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retention time to allow the free water to settle out. This minimizes the amount 
of fuel gas needed to heat the liquid stream rising through the heating section. 
The oil and emulsion flows upward around the fire tubes to a coalescing section, 
where sufficient retention time is provided to allow the small waterdroplets to 
coalesce and to settle to the water section. Treated oil flows out the oil outlet. 
The oil level is maintained by pneumatic or lever-operated dump valves. 

It is necessary to prevent steam from being formed on the fire tubes. This 
can be done by employing the "40" rule." That means that the operating 
pressure is kept equal to the pressure of saturated steam at a temperature equal 
to the operating temperature plus 40°F (4.5"C). The nonnal full-load temperature 
difference between the fire tube wall and the surrounding oil is approximately 
SOOF, allowing 10°F for safety; the 40" rule will prevent flashing of steam on 
the wall of the heating tube. 

Low-pressure vertical flow treator, of large diameter, is called "gunbarrel" 
(Figure 6-189). Most gunbarrels are unheated, though it is possible to provide 
heat by heating the incoming stream external to the tank, installing heat coils 
in the tank, or circulating the water to an external heater in a closed loop 

Produced Water 

L 
0 100 200 300 

Temperature, O F  

1 ,\Pr?ced Water 

Crude B 

I 
I 
0 100 200 300 

Temperature, O F  

0 100 200 300 
Temperature, O F  

Figure 6-189. Relationship of specific gravity with temperature for three 
crude oils [126]. 
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as shown in Figure 6-190. Heated gunbarrel emulsion treator is shown in 
Figure 6-191. 

For higher flow inlet horizontal treators normally are preferred. A typical 
design of a horizontal treator is shown in Figure 6-192. Flow enters the front 
section of the treator where gas is flashed. The liquid flows downward to near 
the oil-water interface where the liquid is water-washed and the free water is 
separated. Oil and emulsion rises past the fire tubes and flows into an oil surge 
chamber. The oil-water interface in the inlet section of the vessel is controlled 
by an interface-level controller, which operates a dump valve for the free water. 
The oil and emulsion flows through a spreader into the back or coalescing 
section of the vessel, which is fluid-packed. The spreader distributes the flow 
evenly throughout the length of this section. Treated oil is collected at the top 
through a collection device used to maintain uniform vertical flow of the oil. 
Coalescing waterdroplets fall counter to the rising oil. The oil-water interface 
level is maintained by a level controller and dump valve for this section of vessel. 
A level control in the oil surge chamber operates a dump valve on the oil outlet 
line regulating the flow of oil out the top of the vessel and maintaining a liquid- 
packed condition in the coalescing section. Gas pressure on the oil in the surge 
section allows the coalescing section to be liquid-packed. The inlet section must 
be sized to handle separation of the free water and heating of the oil. The 
coalescing section must be sized to provide adequate retention time for coalescence 
to occur and to allow the coalescing water droplets to settle downward counter 
to the upward flow of the oil. 

1.5 

1 .o 

0.5 

0 

I /  
Typical 33" API 

Gravity Loss 

50 70 90 110 130 150 
Temperature, O F  

Figure 6-190. API gravity loss vs. temperature for crude oil [126]. 
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Figure 6-191. Percent loss by volume vs. temperature for crude oil [126]. 

Heat Input Requirement [122,127] 

The required heat input for an insulated vessel can be calculated as 

Qth = wc4T 

where Qth = heat required in Btu/hr 
W = weight flowrate in lb/hr 
c = specific heat constant at average temperature [Btu/(lbOF)] = 0.5 for 

oil and = 1.0 for water 
AT = temperature increase, assuming a water weight of 350 lb/bbl 

350 350 
24 Q th = 24 9 0  (SGO )( 0.5) AT + - qw (SG, )( 1.0 )(AT) 

= 14.6AT(0.5q$G0 +qwSGw) 

If heat loss is assumed to be 10% of the heat input then 

Q = = 16.2AT(0.5q$Go +qwSG,) 
0.9 (6-271) 
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Flgure 6-1 92. Vertical treater [119]. 

where q,,,qw = oil and water flowrate in bpd 
SG,, SGw = specific gravity of oil and water 

An alternative way is to employ the basic heat-transfer equation which is used 
in indirect heat sizing as follows: 

(6-272) 

where Q = heat required in Btu/hr 
A = total heat transfer area (coil area) in ft2 

Tm = log mean temperature difference in O F  

For low-pressure oil about 35OAPI and water liquid, streams, the heat required 
may be determined from the following equation: 

Q = qJ6.25 + 8.33(X)]AT (6-273) 
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where qt = total liquid flowrate in bpd 
X = decimal water content in liquid 

AT = the difference between inlet and outlet temperature OF 

The overall film or heat transfer coefficient for high-pressure gas streams may 
be found from Figure 6193 using the gas flowrate and tube size selected. The over- 
all film or heat transfer coefficient for water may be found from Figure 6-194 
and the coefficient for oil from Figure 6-195, based on liquid flowrate and tube 
size. For liquid streams that are a mixture of oil and water, the overall coefficient 
may be averaged and calculated as 

Vo(mix) - - VO(oi1) + [Vo(mterl - V~(oiJX (6-274) 

These film or heat-transfer coefficients are based on clean tubes; in other 
words, no allowance is made for any fouling factors. If any fouling is to be 
expected, excess coil area should be allowed in the heater selection. 
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(6-275) 

Figure 6-193. Low-pressure settling tank with internal flume [126]. 
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Flgure 6-194. Heater and gunbarrel is forced circulation method of heating [126]. 

Figure 6-1 95. Heated gunbarrel emulsion treater [126]. 
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Deflector 
Around Firetube I- Front Section 

where T, = log mean temperature difference in OF 
GTD = greater temperature difference 

LTD = least temperature difference 
= water bath temperature - inlet fluid temperature 

= water bath temperature - outlet fluid temperature in OF 

A water bath temperature must be assumed for the calculations and as 
mentioned before. Usually 180°F is the maximum designed temperature recom- 
mended for indirect water bath heaters. 

The coil area (A) required for indirect heater (Figure 6-196) can be calculated 
from the basic heat-transfer equation after all of the above factors have been 
determined. An indirect heater then may be selected from the standard models 
listed in Tables 6-41 and 6-42 based on the heat required and the coil area 
required. A heater should be selected that has a firebox rating and a coil area 
at least equal to or preferably slightly greater than that calculated. 

By selecting a heater with a larger heat capacity and coil area than that 
calculated, sufficient excess will be provided to allow for heat loss from the 
vessel, any fouling that may occur within the tubes, and will allow the heater to 
be operated at less than the maximum design water bath temperature. 

b 
w 

Gas 
Equalizer 

Figure 6-1 96. Horizontal heater-treater [ 1261. 
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12/8 
14/6 
8/6 

10/4 
12/2 

Table 6-41 
Standard Indirect Heaters with Steel Pipe Coils [127] 

130W86.8 
132.0/65.1 
112.2/84.2 
140.3/56.1 
168.3/28.1 

Firebox 

BTU/hr 

split Pas3 Equivalent 
Len. of Pipe 
for press. 
Drop, ft 

Tubes 1 Split 
split h a s  

Sue 
)ia X Len. 

No. of 
Tubes 

CnilArea 
=lfi Tube Size 

- I -  24"x 3' 

30" x 6' 
1" x 
1" x 
2"XorXX 

Spiral 

14 
8 

21.3 

26.2 
28.9 

100,000 

250,000 

93.2 

96.4 
68.3 

8/6 15.0/11.2 
4/4 I 14.5/14.4 

30"xlO' 500.000 8 2"XorXX 48.8 iff 24.4/24.4 

48.7/36.6 
10/4 60.9/24.4 

100.3 

2" x or xx 

3" x or xx 
2"XorXX 
3" x or xx 

2" X or XX 
3" x or xx 
4" x or xx 

36" x 10' 

48" x 10' 

60" x 12' 

177.7 

112.7 

229.3 
200.7 

354.7 
328.7 

243.8 

750,000 

1,000,000 

1,500,000 

14 

8 

18 
14 

24 
20 

14 

85.3 

72.3 

109.7 
126.4 

176.1 
217.1 

196.4 

8/6 72.2/54.2 
10/4 I 90.3/36.1 

72" x 12' 

60" x 20' 

2" x or xx 

3"XorXX 

4"XOrXX 

2"XorXX 
3" x or xx 
4" x or xx 

278.7 

325.6 

252.5 

295.5 
363.7 

328.4 

20/18 146.7/132.0 
28/10 205.4/73.3 

168.3/84.2 

16/8 197.0/98.5 
12/8 218.2/145.5 
14/6 254.6/109.1 

187.7/140.7 
10/4 234.6/93.8 

2,000,000 

2,300,000 

38 

30 

18 

24 
20 

14 

563.3 

495.4 

315.1 

546.7 
488.7 

355.8 

642.7 
568.7 

411.8 

60" x 24' 3,000,000 24 
20 

14 

2"XorXX 
3" x or xx 

4" x or xx 

355.2 
437.0 

394.3 225.3/169.0 

338.0/56.3 

480.6/174.8 72" x 24' 4,000,000 3"XorXX 

4" x or xx 
30 

18 

655.4 

507.0 

855.4 

531.1 

Example 6 

For a given date, calculate the heater size, such that 

Oil flowrate = 2,500 bpd 
Water flowrate = 1,400 bpd 
Inlet temperature of liquids = 60°F 
Outlet required temperature = 100DF 
Coil size required = 3-in cast iron 
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60"x 12' 1,i500,000 

72" x 12' 2,000,000 

24 2" C.I. 162.0 312.8 
24 3"'C.I. 238.5 346.9 
16 4" C.I. 209.6 230.5 

38 2" C.I. 256.0 496.0 
38 3" C.I. 377.1 5.50.7 
20 4" C.I. 261.8 314.1 

Heat required, from Equation 6-273, is 

Q = q,(6.25 + 8.33X)T 

q, = 2,500 + 1,400 = 3,900 bpd 

X='- 400 = 0.36 = 36% 
3,900 

AT = 110 - 60 40°F 

Q = 3,900[6.25 + 8.33(0.36)]40 = 1,442,813 Btu/hr 

Heat transfer coefficient, from Equation 6-274, is 

2,500 
24 

Oil flowrate is Q = - = 104.2 bphr 

From Figure 6-199 Vo(oi,) = 35.7 Btu/(hr ft5 O F ) .  

Water flowrate is qw = 400 = 58.4bphr 
24 

from Figure 6-198 Vqmpr) = 117.5 Btu/(hr ft2 O F ) .  
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Vocm*l = 35.7 + (117.5 - 35.7)0.36 = 65.15 Btu/(hr ft* O F )  

Log mean temperature difference, from Equation 6-275, is 

GTD - LTD 
GTD h- 
LTD 

T, = 

GTD = 180 - 60 = 120°F LTD = 180 - 100 = 80°F 

40 T, = - = 98.7"F 
120 ln- 
80 

Coil area, from Equation 6-272 is 

where 

From Table 6-42 

Heater size: 60 in. x 12 ft 
Firebox capacity: 1,500,000 Btu/hr 
Coil data: 24-3 in. cast iron tubes 
Coil area: 238.5 ft* 

Example 7 

Size a horizontal treater for given data 

Oil gravity: 33OAP1, SG, = 0.86 at 60°F 
Oil flowrate: 6,000 bpd 
Inlet oil temperature: 100°F 
SGw = 1.03. 

Assume that 80% of the cross-sectional area is effective, retention time is 15 
min and treating temperature is 120 or 150°F. Then oil viscosity = p, = 5.5 cp 
at 100°F, 4 cp at 120°F and 2.5 cp at 150°F. 

1. Settling equation: 

V, = V, (terminal velocity of water = velocity of oil) 

Flow around settling oil drops in water or water drops in oil is laminar and 
thus Stokes law governs: 
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Q v, = -  
A 

Q = 6.49 x 10-54, 

Q(ft5/s) A(ftP) Q&bpd) 

A = D x L, is the highest cross-sectional area. 

where D, is in ft DL, = 2 . 4 4 ~ 1 0 ~  Q o ~ o  
Di(YW -Yo) 

or 

DL, = 2,267 QoPo where D, is inpm 
(Y, - Yo) 

The diameter of water droplet to be settled from the oil (pm) is a function 
of viscosity of the oil (cp) and, according to Arnold and Stewart [119], can be 
expressed as 

d, = 500 (p0)-0.675 

at 100'Fdm = 500(5.5)-0.675 = 158 pm 
120'Fdm = 500(4)-0.675 = 196 pm 
150'Fdm = 500(2.5)-0.675 = 270 pm 

y, = 1.03 x 62.4 = 64.3 lb/ft3 

Assume the same for the temperatures 60, 100, 120 and 150°F. 

141*5 =0.860 141.5 - SG, at 60' F = - 
API + 131.5 33 + 131.5 

- - 141e5 =0.861 141.5 SG, at 100' F = 
(API - loss) + 131.5 32.8 + 131.5 
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where "loss" from Figure 6-190 is 0.3 - 0.1 = 0.2: 

SG, at 120°F = 141m5 =0.862 
32.7 + 131.5 

SG, at 150°F = 141e5 ZO.864 
32.2 + 131.5 

Because specific gravity of oil as a function of temperature changes in a small 
range, assume constant values for oil and water specific weights: 

y, = 64.3 lb/fts 

yo = 53.7 lb/ft3 

7, - pa = 106 lb/fts 

T = l W F  T = 120°F T = 150°F 

7, -70 ( I b P )  10.6 10.6 10.6 
Pg (CP) 5.5 4.0 2.5 
a" (Pm) 158.0 196.0 269.0 
~~ 

Calculate d vs. L& 

I. DL, = 2 2 6 7 ~  6y000x4 =133.6 if T=120"F. 
(196)'10.6 

11. DL, = 2 2 6 7 ~  6'ooox 25 = 44.3 if T = 150" F 
(269)'lO. 6 

2.0 
4.0 
4.5 
5.0 
6.0 
9.0 

15.0 
30.0 

66.8 
33.4 
30.0 
26.7 
22.3 
14.8 
8.9 
4.5 

22.2 
11.1 
9.9 
8.9 
7.4 
4.9 
3.0 
1.5 

2. Calculate the retention time, such that 

t = -  Vol.= e L , x O . 8  = 0.63DSL, 
Q 4 
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Q = 6.49 x 10-Q 

0. 63D'L, D~L, 
t =  = 9681- 

6 . 4 9 ~ 1 0 - 5 ~ ,  Qo 

D*L& = 0.000103Q~ 

(f), is in min 

t = 6O(tr), 

D'L& = 0.00618 Q&t,), 

If the retention time (tr)o = 15 min, then 

D'L, = 0.00618 x 6000 x 15 = 556.2 

D (fi) 2 4 4.5 5 6 9 15 30 
Ldl (fi) 139 34 27.5 22.2 15.5 6.9 2.5 0.6 

If the retention time (tr)o = 20 min, then 

DPL, = 0.00618 x 6000 x 20 = 741.6 

and 

2 4 5 6 9 15 30 
Ldl (fi) 185 46 29.7 20.6 9.2 3.3 0.8 
D (ft) 

Plot Figure 6-201, D vs. L, gives the solution. 
For settling temperature 150T, the minimum effective length has to be 2.7 ft if 

(tr)o = 20 min and 3.4 ft for (tJ0 = 15 min. At lower settling temperature Le, 
should be 24 and 32 ft for (tJo = 20 and 15 min, respectively. 

3. The heat required, from Equation 6-271, is 

Q = 16.2AT (0.5 q, SG, + q, SG,) 

or 

a = 14.6 AT (0.5 q, SG, + q, SGw) 

q, = 0.1% of oil flow rate 

AT = 150 - 100 = 50°F and 120 - 100 = 20°F 

If AT = 50°F, then 

Qh, = 14.6 x 50 x (0.5 x 6000 x 0.861 + 600 x 1.03) = 4,336,730 Btu/hr 
(tka continucd on page 754) 
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Figure 6-197. Overall film coefficient for natural gas in indirect heaters [127]. 
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Figure 6-198. Overall film coefficient for water in indirect heaters [127]. 
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Figure 6-199. Overall film coefficient for oil in indirect heaters [127l. 
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Split-Pass Coil Spiral Coil 

Flgure 6-200. Indirect heater coils. 

1 Setting Equa I 'on at T = 120°F 

0 10 20 30 
Length of Coalescing Section, L efi FT. 

Figure 6-201, Horizontal treater example. 
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(text continued from page 749) 

if AT = 20°F, then 

Q,,= 14.6 x 20 x (0.5 x 6000 x 0.861 + 600 x 1.03)= 934,692 

4. Conclusions are as follows. Treating temperature plays a more important 
role than retention time. For T = 150°F and Le, = 7.3 ft any diameter above 
retention time curves is correct. The diameter of the front section has to be 
the same as the coalescing section. 

An economical solution would be a 6 x 20 ft for the coalescing section and 
a 2.5-Btu/hr firebox rating. 

GAS PRODUCTION ENGINEERING 

Quality specifications for natural gas are individually negotiated and pre- 
scribed in the contracts between the purchaser or the pipeline companies and 
the producer. Gas contracts usually contain the following basic considerations: 

minimum, maximum and nominal delivery pressure 
water dew point or water content 
maximum condensible hydrocarbon content or hydrocarbon dew point 
minimum heating value 
contaminants 
maximum delivery temperature 

Above quality parameters together with the price and quantity are the funda- 
mental factors, and they determine producing equipments. 

Gas-Water Systems and Dehydration Methods 

Liquid water and water vapor are removed from natural gas to: 

prevent formation of hydrates in transmission lines 
meet a water dew point requirement of a sales gas contract 
prevent corrosion 

Water vapor is the most common undesirable impurity in natural gas, usually 
in the range of 8,000 to 10,000 ppm by volume (400-500 lbm water vapor/MMscf 
gas), while the pipeline specifications restrict the water content to a value no 
greater than 120 to 160 ppm by volume (6-8 IbJMMscf). In order to design 
and operate dehydration processes, a reliable estimate of the water content of 
natural gas is essential. 

Water Content of Natural Gases 

The water content of a gas is a function of pressure, temperature, composition 
and salt content of the free water [128]. The effect of composition increases 
with pressure. For lean, sweet natural gases containing over 70% methane and 
small amounts of "heavy ends," pressure temperature correlations are suitable. 
Figure 6-202 is an example. 
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Temperature, O F  

Figure 6-202a. Water content of natural gases with corrections for salinity and 
gravity [ 1281. 
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Flgure 6-202b. Campbell’s correlation for water content of sweet gases. 

Example 1 

A natural gas SGg = 0.9 is with contact with brine in a reservoir. The brine 
contains 30,000 ppm solids (approximately 3% NaC1). The pressure of the gas 
is 3,000 psia and the gas temperature is 150°F. How much water is in the gas 
in pounds of water per million cubic feet of gas? 
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a. Follow dashed lines on Figure 6-202a. From the general chart of Figure 
6-202a at 3,000 psia and 150°F gas would contain 105 lb of water/MMscf 
of 0.6 gas if the gas had been in contact with pure water. 

b. Correction for gas gravity from 0.6 to 0.9. From the “correction chart for 
gravity” follow the dashed line from the abscissa where the desired gravity 
is 0.9, vertically, to the 150°F isotherm. Read horizontally, the correction 
factor for gas gravity C, is 0.98. 

c. Correction for salinity of brine; see the second correction chart on the 
general Figure 6-202a. At a brine salinity of 3% go vertically to the correc- 
tion line, and read on the ordinate the ordinate value of C, = 0.93. 

The final answer for water content W 

W = 105 x C, x C, = 105 x 0.98 x 0.93 = 95.6 lb water in the gas 

Experimental value for this gas was 96.2, which is satisfactory accuracy. 
The McKetta and Wehe chart (Figure 6-202a) is not explicit for temperatures 

below the hydrate formation line. Because of this, it is better to use Campbell’s 
correlation (Figure 6-2036). To determine the moisture within the pressure range 
of 1 to 690 bar (14.7 to 10,000 psia) and the temperature range of -40°C (-40’F) 
to 110°C (23O”F), the following analytical expression is used 

if SG, = 0.6 A W = - + B  
P 

10.0 

1 

0.01 0.1 

50 1W 150 2W 250 300 350 400 
Temperalure, O F  

(a) 
Figure 6-203. Campbell’s correlation 

50 100 150 2W 250 3W 350 400 
Temperature, “F 

(b) 
for water content of sweet gases [129]. 
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or 

if SGg > 0 . 6  

where A,B = constants; see .Table 6 4 3  
SG = specific gravity of gas or relative density 
d = water content in g/m3 

P = gas pressure in atm 

Table 6-43 

Temp., 'C. 
-40 
-38 
-36 
-34 
-32 
-30 
-28 
-26 
-24 
-22 
-20 - I 8  
-16 
-14 - 12 
-10 
-8 
-6 
-4 
-2 
0 

+2 
+4 
+6 
+8 
+10 + 12 + 14 
+16 + 18 
+20 
+22 
+24 
+26 
+28 + 30 

Coefflclents A and B If 
~ _ _ _ _ ~  ~ 

A 
0.1451 
0.1780 
0.21 89 
0.2670 
0.3235 
0.3930 
0.47 I5 
0.5660 
0.6775 

0.9600 
1.1440 
1.350 
I .590 
1 .868 
2.188 
2.550 
2.990 
3.480 
4.030 
4.670 
5.400 
6.225 
7. I50 
8.200 
9.390 
10.720 
12.390 
13.940 
15.750 
17.870 
20.1 50 
22.00 
25.50 
28.70 
32.30 

0.8090 

B 
0.00347 
0.00402 
0.004 65 
0.00538 
0.00623 
0.007 10 
0.00806 
0.0092 1 
0.0 1043 
0.0 I 168 
0.0 1340 
0.01 51 0 
0.0 1705 
0.0 1927 
0.02 1 155 
0.02290 
0.027 I 
0.3035 
0.03380 
0.03770 
0.04 180 
0.04640 
0.05 15 
0.057 1 
0.0630 
0.0696 
0.767 
0.0855 
0.0930 
0.1020 
0.1 120 
0.1227 
0.1343 
0.1453 
0.1595 
0. I740 

quation 6-276 [133] 

+32 + 34 
+36 
+38 
+40 
+42 
+44 
+46 
+48 
+so 
+52 
+54 
+56 
+58 + 60 
+ 62 
+64 
+66 + 68 
+70 
+72 
+74 
+76 
+78 + 80 + 82 + 84 
+86 

+90 + 92 + 94 + 96 
+98 
+loo 
+ I  10 

+a8 

A 
36.10 
4 0.50 
45.20 
50.80 
56.25 
62.70 
69.25 
76.76 
85.29 
94.00 
103.00 
1 14.00 
126.00 
136.00 
152.00 
166.50 
183.30 
200.50 
219.00 
238.50 
260.00 
283.00 
306.00 
335.00 
363.00 
394.00 
427.00 
4 62.00 
501 .OO 
537.50 
582.50 
624.00 
672.0 
725.0 
776.0 
1093.0 

(6276) 

B 
D. 1895 
D.207 
0.224 
0.242 
0.263 
0.285 
0.3 10 
0.335 
0.363 
0.39 1 
0.422 
0.454 
0.487 
0.52 1 
0.562 
0.599 
0.645 
0.69 1 
0.74 1 
0.793 
0.84 1 
0.902 
0.965 
1.023 
1.083 
1.148 
1.205 
1.250 
1.290 
1.327 
1.327 
1.405 
1.445 
1.487 
1.530 
2.620 

- 
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When natural gases contain substantial quantities of acid gases as H,S and/or 
CO,, the water content of such sour natural gas mixtures can be considerably 
higher than the chart for sweet gas would indicate, especially at pressures above 
70 bar (1,000 psi). Charts on Figure 6-203 expand the pressure and temperature 
ranges for determining the water vapor content for sour gases to data given for 
sweet gases [129]. 

Example 2 

Determine the amount of water that will drop out in a plant inlet separator 
from a gas stream that consists of 16% H,S, 13% CO, and 71% hydrocarbons. 
Tms = 212"F, P = 4675 psia, Tscp = 80°F and Ple = 1,000 psia. 

(a) Reduce two-acid components CO, and $S to H,S*: 

H,S* of pseudocomposition = H,S + 0.75 x CO, 

= 16 + 0.75 x 13 = 25.75% 

(b) Read water content from chart if H,S* = 25.75 (from Figure 6-203) 

W = 1.36 lb/MMscf at 3,000 psia and 212°F 

= 1.13 bbl/MMscf at 6,000 psia and 212°F 

By logarithmic interpolation with a pocket calculator (or by a plot on log-log 
paper), the water content at 4,675 psia is determined as follows: 

log 4,675 - log 6,000 - 
log 3,000 - log 6,000 

log x - log 1.13 
log 1.36 - log 1.13 

- 

log x = 0.0820 

x = 1.21 bbl/MMscf 

( c )  The water content at the separator: 

if P = 1,000 psia, T = 8OoF, W = 0.11 bbl/MMscf 

(d) Water drop out in the separator: 

1.21 - 0.11 = 1.10 bbl/MMscf 

Measurement of Water Content of Natural Gas 

Many methods of measuring the amount of water in natural gases have been 
developed to fit various applications [130]. No single method of, analysis can 
be utilized under all conditions (see Table 6-44). 

Dew point sensors are devices for moisture detection utilizing the physical 
properties of water and the laws of physics and chemistry to effect a measure- 
ment. Some of them are applicable to gas samples only. Other instruments can 
be used to monitor moisture in both liquid and gas samples (see Table 645). 
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Table 6-44 
Methods of Measurlng Water Content [I311 

Method Measurement 

Electrolysis for water 

Dielectric constant change 

Electrolysis current of sample is measured. 

Capacitance of a sample is measured. 

Electric impedance 

Piezoelectric crystals 

Heat absorption 

Infrared absorption 

Microwave absorption 

Electric impedance of the vapor of a sample 
is measured. 

Frequency of crystal with sample moisture is 
measured. 

Energy absorption and desoption of a sample 
is measured. 

Infrared electromagnetic radiation absorption 
of a sample is measured. 

Microwave electromagnetic radiation absorption 
of a sample is measured. 

Table 6-45 
Summary of Moisture Detector Features [I311 

Sample 
Sample System 

rLPe Range Phase Required Remarks 

Electrolytic 0-10 to Clean gas. Special Yes Sample flow must 
hygrometer 0-1,000 sampling for liquids be constant 

PPm 
Change of 0-10 to Clean gas or liquid Yes Sample temperature 

capacitance 0-1,000 must be constant 

Impedance 0-20,000 Clean gas or liquid For Sample temperature 
type PPm Liquids of liquids must be 

PPm 

constant 
Piezoelectric 0-5 to Clean gas only Yes 

type 0-25,000 
PPm 

Heat of 0-10 to Clean gas or liquid. Yes Sample flow must 
adsorption 0-5,000 Special sampling for be constant 
type PPm liquids 

absorption 0-50% 

absorption 0-90% pastes 

Infrared 0-0.05 to Liquids and slurries Yes 

Microwave 0-1 to Liquids, slurries and No 



Gas Production Engineering 761 

For practice, two types of moisture detectors are recommended: first is the 
dew point tester (drilled mirror type) and second is the silicon chip hygrometer. 

The dew point tester permits the visual determination of the temperature at 
which water will condense from a gas onto a silvered mirror (Figure 6-204), 
which is significant because it represents the actual equilibrium saturation 
temperature of the gas for temperatures above the hydrate-formation value. And, 
at temperatures below the equilibrium hydrate-formation conditions, it measures 
a reproducible metastable equilibrium condition between gas and liquid water. 

Figure 6-204 presents a sectional view of the apparatus without lead lines and 
refrigerant source. Gas entering the apparatus through valve A is deflected by 
nozzle B so as to strike the cooled mirror C. The mirror is cooled through the 
copper cooling rod F by the evaporation of a refrigerant, such as propane, 
carbon dioxide or some liquefied gas, in chiller G. Pressure gages and a bulb 
thermometer are used to record the pressure and temperature conditions for 
the inception of condensation or fog formation on the silvered mirror. 

In the absence of interfering substances, the accuracy of the determinations, 
given an experienced operator, is reported to be fO.l"C down to O'C, and fO.3"C 
from 0 to -18°C. 

Figure 6-204. Bureau of Mines dew-point tester [144]. 
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ASTM D1142-NGAA 2140 provides a detailed description of the apparatus. 
For technical details, see producer’s catalog [ 1311. 

A silicon chip hygrometer [132] makes use of a tiny silicon chip to sense the 
presence of moisture. It can operate in environments ranging from -40°C to 45°C 
with no effect on accuracy, and gas flow rates from 50 to 1,500 cm3/min. It 
can also operate under static or vacuum conditions. 

Example 3 

A natural gas dew point is measured at -4°F at a pressure of 14.7 psia. Express 
this water content in terms of ppm and vpm if the relative density (specific 
gravity) of the gas is equal to 0.7. 

(a) Water content W, in (urn3) and (lb/MMscf), from Equation 6-276 

-4°F = -20°C 14.7psia = 1.03atm 

A = 0.960 B = 0.0134 from Table 643 

W=’ 96 +0.0134= 0.9454g/m3 if SG, =0.6 
1.03 

= 58.9 lb/MMscf if SG, = 0.6 

for SG, = 0.7 C = 1.0 C, = 1.0 

W = 58.9 lb water per lo6 MMscf gas 

(b) Water content in terms of parts per million -y weig--t (ppm) 

1 lb mol = 0.7 x 29 = 20.3 lb 

= 379.3 ft3 at 14.7 psia and 60°F 

58.91b - 58.91b - -- - 58.9 lb 
106sd 2,636.431bmol 2,636.43~20.31b 

(c) Water content in terms of parts per million by volume (vpm) 

58.91b - 58.9/18.00(lb/lbmol) - 3.27221bmol 
lo6 scf 106Scf 1O6SCf 
-- - 

= 1,241vpm - 3.27221b mol x 379.4 sd/lb mol - lo6& 

(d) Water content W, from Figure 6-202b is 57.6 lb/MMscf. 
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Gas Hydrate 

The amount of water soluble in a natural gas vapor is limited to temperature 
and pressure at dew point. If water will condense in the pipeline and accumulate 
in sufficient quantities, hydrate can be formed. A hydrate is a physical combina- 
tion of water and other small molecules to produce a solid that has an “ice- 
like” appearance, which can be represented as: 

Methane = CH, 6H,O 
Ethane = C,H, 8H,O 
Propane = C,H, 17H,O 
Isobutane i = C,H,, 17H,O 
Nitrogen = N, 6H,O 
Carbon dioxide = CO, 6H,O 
Hydrogen sulfide = H,O 6H,O 

Normal butane does form a hydrate, but it is very unstable. Other components 
of a natural gas mixture do not form hydrate. 

Several methods exist for determining the pressure and temperature at which 
hydrates begin to form: graphical, analytical and experimental. Rough data for 
determining the start of hydrate formation is obtained by the graphic method. 
With this method, for gas mixtures not containing H,S, the curves shown in 
Figure 6-205 are appropriate. 

Temperature, O F  

Figure 6-205. Hydrate-forming conditions for natural gases with various 
gravities [I 351. 
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Example 4 

ing composition: 
Find the pressure at which hydrate forms at T = 40°F for a gas with the follow- 

Mole fraction IWmole 
Component In gas M d mixture 

0.88 16.04 14.12 
0.09 30.07 2.71 

c, 0.02 44.10 0.88 
c4 0.01 58.12 0.58 

c, 
c* 

18.29 

Relative density = = - l8 29 - - 0.631 
M, 28.97 

From Figure 6-205 at 40°F 

P = 250 psia for SGg = 0.6 

= 166 psia for SGg = 0.7 

Using linear interpolation, 

= 224psia 0.631- 0.6 
0.7 - 0.6 

To solve technological design problems, it is simple to use an analytical 
method to express the relationship between pressure and temperature of hydrate 
formation. Usually, equations of such dependence are given in the form of 
log P = at + b, that is, when the dependence of P vs. T has a linear character 
in semilog coordinates. However, as some experiments show [133], such depen- 
dence frequently does not have a linear diameter and may be more accurately 
expressed by 

log P = a(t + kt*) + b (6-277) 

where P = pressure in atm 
SGg = relative density (specific gravity) 

a,b,k = coefficients (see Table 6-46) 
t = temperature in "C or T = temperature in K 

Example 5 

Example 4 using an analytical equation: 
Find the pressure at which hydrate forms at T = 40°F for the gas from 

SGg = 0.631 

log P = b + 0.0497 (t + kt*) 
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Table 6-46 
Equations for the Relationship between Pressure and Temperature 

of Hydrate Formation for Several Gases [133] 

Gas and its Temp. 
relative density Interval "C Equations 

CH.4 0 to -11 In P = 5.6414 - 1154.61/T 

0 to +23 

+24 to +47 

In P = 1.415 + 0.417(T + 0.01T') 

In P = 1.602 + 0.0428~ 

C2H6 0 to -10 In P = 6.9296 - 1694.86fT 

0 to +14.5 In P = 0.71 + 0.0547T 

C,H, 0 to -12 In P = 5.4242 - 1417.93fT 

0 to +8.5 In P = 0.231 + 0.0576T 

COZ 0 to -6 In P = 13.4238 - 3369.1245fT 

0 to +9.8 In P = 1.08 + 0.056T 

H*S -32 to +29.6 In P = 2.844 + 0.0466T 

C"HZ"+2 
0.6 to 1.0 

0 to +25 In P = p + 0.0497(T + kT2) 

p = 0.91 k = 0.006 from Figure 6-206 

t = 40°F = 4.4"C 

log P = 0.91 + 0.0497 [4.4 + 0.006 x (4.4)2] 

log P = 1.13445 

P = 13.63 at = 13.19 atm = 194 psia 

Using Figure 6-205 we got -224 psia, it is worst value overestimate 15%. 

Example 6 

The 0.631 specific gravity (relative density) gas is to be expanded from 1,500 
psia to 500 psia. What is the minimum initial temperature that will permit the 
expansion without hydrate formation? 

To solve this problem, use the charts in Figures 6-207 and 6-208. 

From Figure 6-207 for SGg = 0.6 Thn = 100°F. 

From Figure 6-208a for SGg = 0.7 Tmin = 125°F. 
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b k 

1 .o 
0.9 

0.8 

0.7 

0.01 5 

0.01 

0.005 

9 
0.5 On6 li4Ew?4 1.1 1.0 0.9 0.8 0.7 0.6 8 

Dependence of coefficients p and k on the relative density 

Final pressure, psia 

Figure 6-207. Permissible expansion of 0.6 gravity natural gas without 
hydrate formation [135]. 
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Final Pressure, psla 

a) relative density = 0.9 
1woo 
m 
6oM) 
50W 
4000 
3000 

2000 
I 'E 1500 

c 800 

E ::: 
= 1000 

400 
m 
200 
150 

1W 

Final pressure, psla 
c) relative density = 0.9 

Figure 6-208. Permissible expansion of 0.7, 0.8, 0.9 and 1.0 gravity natural 
gas without hydrate formation [135]. 

For SGg = 0.631 

T,, = 100 + [ (125 - 100) (0i6;!-::)] = 108" F 

Example 7 

hydrate formation? 
How far may a 0.8 gravity gas at 2,500 psia and 100°F be expanded without 
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On Figure 6-2086 find the intersection of 2,500 psia initial pressure line with 
the 100°F initial temperature curve. Read on the x axis the permissible final 
pressure of 1,600 psia. 

Example 8 

How far may a 0.6 gravity gas at 2,500 psia and 144°F be expanded without 
hydrate formation? 

On Figure 6-207 the 144°F initial temperature curve does not intersect the 
2,500-psia initial pressure line; therefore, the gas may be expanded to atmo- 
spheric pressure without hydrate formation. 

Figures 6-207 and 6-208 should only be used for first approximations of 
hydrate formation conditions. 

Another graphical method was proposed by Katz. This procedure requires a 
gas analysis and utilizes vapor-solid equilibrium constant defied by the equation 

(6-278) 

The applicable K-value correlations for the hydrate forming molecules (CH,, 
C,H,, C,H,, i-C4Hlo, n-C,H,,, CO, and H,S) are shown in Figure 6-209(a-g). All 
molecules too large to form hydrate, e.g., nitrogen and helium have a K-value 
of infinity. 

Example 9 

following composition (9%): 
Calculate the temperature for hydrate formation at 435 psi for a gas with the 

N,-5, C,-78, C,-6, C,-3, iC4-l, He-l, C0,-4, C,-2. 

Mole t = 59°F t 50°F t = 54°F 

fraction YL YL - Yl 
Component (Y,) K K K K K K 

0.05 i nf 0 inf 
0.78 1.8 .433 1.65 
0.06 1.3 0.046 0.475 
0.03 0.27 0.110 0.066 
0.01 0.08 0.125 0.026 
0.01 i nf 0 inf 
0.04 -5 0.008 1.7 
0.02 inf 0 inf 

0 
0.473 
0.126 
0.454 
0.384 
0 
0.02 
0 

inf 0 

0.74 0.081 
0.12 0.250 
0.047 0.213 
i nf 0 
-3 0.011 
inf 0 

1.74 0.448 

ZK = 0.722 CK = 1.457 ZK = 1.003 

Temperature at which hydrate will form is about 54°F. 
Using Equation 6-203 gives 

435 psia = 30.6 atm 
(text continued on page 773) 
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Temperature, O F  

(4 

1 .o 
0.9 
0.8 
0.7 

0.6 

0.5 

K 0.4 

0.3 

0.2 

0.1 

Temperature, O F  

(b) 
Flgure 6-209. Vapor-solid equilibrium constants for CH,, C,H,, C,H,, i-C4Hio, 
N-C,Hio, H,S and CO, [135,144]. 
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Figure 6-209. Continued 
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Figure 6-209. Continued 
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Flgure 6-209. Continued 
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(text continued f i m  page 768) 

log 30.6 = 0.8 + 0.0497 (t + 0.0077t2) 

0.000383t' + 0.0497t - 0.686 = 0 

t = 12.57"C = 54.6"F 

Both results are close enough. 

Example 10 

the hydrate conditions when this gas is expanded? 
The gas with the composition below is at 3,500 psia and 150°F. What will be 

Solution 

Step 1. Make several adiabatic flash calculations at different pressures and 
plot on a pressure versus temperature graph; see Figure 6-210. 

1000 

800 

600 m 
v) 
.- 
n 

=I 

8 E? L 
400 

200 

0 
56 58 60 62 

Temperature, "F 

Figure 6-210. Solution sketch for example 10 [135]. 
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Mole 
Comp. fraction 

0.09267 
0.529 
0.01 38 
0.0018 
0.0034 
0.0014 
= 1.000 

c, 
c2 

c3 

nC4 
nC5 

iC, 

Initial 
pressure 

(psis) 

3,500 
3,500 
3,500 
3,500 
3,500 

Initial 
temperature 

(“F) 

150 
150 
150 
150 
150 

Flnal Flnal 
pressure pressure 

( P W  (“F) 

300 38 
400 45 
500 52 
600 58 
700 64 

Step 2. Assume some temperatures (4OoF, 50°F and 60°F) and predict the 
hydrate pressure for this gas using the solid-vapor Kdata. P€ot the results on 
Figure 6-2 10. 

(y/K) = 1 at 227 psia for T = 40°F 

(y/K) = 1 at 452 psia for T = 50°F 

(y/K) = 1 at 964 psia for T = 60°F 

Step 3. The intersection of the.lines in Figure 6-210 is the point at which 
hydrates start to form; in this example, 500 psia and 52°F. 

The constants for H,S shown in Figure 6-209g should be satisfactory at concen- 
trations up to 15-20 mol% H S in the gas. 

At this concentration of 30d or greater, hydrates may form at about the same 
conditions as for pure H,S. 

Slightly better results than the K-charts method will generally give computer 
solutions which have been developed for hydrate prediction applying P-V-T 
equations of state. 

Hydrate lnhlbltlon [135] 

The formation,of hydrates can be prevented by dehydrating to prevent a free- 
water phase or by inhibiting hydrate formation in the free water phase. Dehydra- 
tion is usually preferable, but inhibition can often be satisfactory. 

Inhibition utilizes injection of one of the glycols or methanol to lower the 
hydrate formation temperature at a given pressure. 

Ethylene, diethylene and triethylene glycols have been used for glycol injection. 
The most popular has been ethylene glycol because of its lower cost, lower 
viscosity and lower solubility in liquid hydrocarbons. 

Physical properties of the most common glycols are given in Table 6-47(a-c). 
Estimation of properties for glycol-water mixtures can be achieved by a weight 

fraction average of the appropriate glycol curve and the water curve shown on 
each of the figures. To allow determination of mixture properties at lower tem- 
peratures, the pure glycol and water property curves have been extrapolated 
below their freezing points. 

The inhibitor must be present at the very point where the wet gas is cooled 
to its hydrate temperature. Therefore, the inhibitor is sprayed upon the face of 
the feed gas chiller tube sheet where free water is present. Injection must be in 
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Tf"P Sp Or 
F 

Table 6-47 
Physical and Chemical Propertlc 

I Ethylene 
Glywl  

vieco.ity, sp mat 
CPS BTU/lb-F 

Melecular Weigt 
Specific Gravity @ 68.B 
Specif i c  Weight, lb/gal. 
Boiling Point @ 760 mmp, 'P 
Freezing Point, 'F 
Surface Tension @ 77'P. dynas/cm 
Heat of Vaporization @ 760 m g ,  

BTll/lb 

50 
75 

100 
125 
150 
175 
200 
225 
250 
300 

62.07 
1.1155 

9.292 
387.7 

9.1 
47.0 

364 

~~ 

1.134 88 0.485 0.14 
1.123 56 6.50 0.138 
1.111 23 0.52 0.132 
1.101 15.5 0.535 0.130 
1.091 8.1 0.55 0.125 
1.080 6.1 0.57 0.121 
1.068 4.0 0.585 0.118 
1.057 3.1 0.60 0.113 
1.034 1.9 0.635 
1.022 1.5 0.65 

Temp I Sp G r  
O F  

1.127 
1.117 
1.107 

1.089 
175 1.076 

1.064 
1.054 

250 1.043 
275 1.032 

1.021 

of Glycols 
Diethylana 

Glycol 

106.12 
1.1184 
9.316 
474.4 

18.0 
44.8 

232 

251 
Triethylene 

Glycol 

150.17 
1.1255 
9.375 
550.4 
24.3 
45.2 

174 

100% Diethylene Glycol 
I I Thermal _..__ 

viscosity.  sp Heat Conductivity 
CPS I BTLT/lb-F I BN/hr-eq ft-'F/f, 

72 
45 
18 
12.7 

7.3 
5.5 
3.6 
2.8 
1.9 
1.6 
1.3 

0.53 
0.54 
0.56 
0.57 
0.58 
0.59 
0.60 
0.61 
0.63 
0.62 
0.66 

0.146 
0.14 
0.135 
0.13 
0.125 
0.12 
0.115 
0.11 
0.105 

a manner to allow good distribution to every tube in chillers and heat exchangers 
operating below the gas hydrate temperature. 

Glycol and its absorbed water are separated from the gas stream possibly along 
with liquid hydrocarbons. The glycol-water solution and liquid hydrocarbons can 
emulsify when agitated or when let down together from a high to a lower pres- 
sure. Careful separator design will allow nearly complete recovery of the glycol 
for regeneration and recycle. 

The regenerator in a glycol injection system should be operated to produce 
a regenerated glycol solution that will have a freezing point below the minimum 
temperature encountered in the system. 

Lowering of hydrate freezing point in natural gas system by an antifreeze 
compound may be calculated by 
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K,(I) d =  
(100 - I)M, (6-279) 

where d = depression of gas hydrate freezing point in O F  

% = constant, for methanol = 2,335 for glycols = 4,000 

M, = molecular mass of solute inhibitor 
I = minimum inhibitor concentration in the free water in % 

Example 11 

Estimate the methanol (MeOH) injection rate required to prevent hydrate 
formation in 2 MMscfd of 0.6 gravity natural gas at 800 psia and 40°F. The 
gas is water saturated at 1,000 psia and 100°F. No hydrocarbons are condensed. 

Solution 

From Figure 6-2026: 

Water content at 100°F and 1,000 psia = 60 lb/MMscf 

90 
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- EG = ethylene glycol 
DEG = diethylene glycol 

- TEG = triethilene gl;coi 
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Figure 6-211. Freezing points of aqueous glycol solutions [135]. 
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Water content at 40°F and 800 psia = 10.5 lb/MMscf 

Condensed water = (60-10.5)2 = 99 lb/day 

Hydrate temperature of gas = 57.5"F (Figure 6-206) 

d = 57.5 - 40" = 17.5"F 

From Equation 6-279: 

17.5 = (2,335) (I)/[(lOO - I) 321 

I = 19.4% 

From Figure 6-212, find C: 

.( lb MeoH/MMsd) = 0.975 
19.4 wtb MeOH 

so - lgW4 lb MeOH/MMscf + required for gas phase 
0.975 

Figure 6-212. Ratio of methanol vapor composition to methanol liquid 
composition [135]. 
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19.9 x 2 + 39.8 lb MeOH/day 

MeOH in liquid = 99 lb/day (0.194)/1.0 - 0.199) = 23.98 

Minimum MeOH injection rate = 23.98 + 39.8 = 63.8 lb/day 

Gas Dehydration 

In those situations where inhibition is not feasible or practical, dehydration must 
be used. Both liquid and solid desiccants may be used, but economics favors liquid 
desiccant dehydration when it will meet the required dehydration specification. 

Liquid desiccant dehydration equipment is simple to operate and maintain. 
It can easily be automated for unattended operation; for example, glycol dehydra- 
tion at a remote production well. Liquid desiccants can be used for sour gases, 
but additional precautions in the design are needed due to the solubility of the 
acid gases in the desiccant solution. 

Solid desiccants are normally used for extremely low dew point specifications 
as required for expander plants to recover liquid hydrocarbons. 

The more common liquids in use for dehydrating natural gas are triethylene 
glycol (TEG), diethylene glycol (DEG), and tetraethylene glycol (TREG). In general, 
glycols are used for applications where dew point depressions of the order of 
15 to 50°C (59 to 120°F) are required. TEG is the most commonly used glycol. 

For the following description of the process and flow through a typical glycol 
dehydration unit refer to the schematic flow diagram as shown in Figure 6-213. 
The wet inlet gas stream first enters the unit through a separate vertical inlet 

CONTRACTOR 

Flgure 6-213. Flow sheets for TEG dehydration. 
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gas scrubber. In this scrubber any liquid accumulations in the gas stream are 
removed. The inlet scrubber is normally provided with a tangential inlet diverter 
that affects a circular flow of the well fluids around the wall of the vessel for 
centrifugal separation. The wet gas then passes out of the top of the scrubber 
through a high-capacity, high-efficiency, stainless steel wire mesh mist eliminator 
that allows for virtually no liquid carryover. The separated well fluids drain into 
a quiet settling chamber in the bottom of the vessel and are discharged through 
a diaphragm-operated motor valve operated by liquid level control. The vertical 
inlet gas scrubbers may be equipped for either a two-phase (oil-gas) operation 
or a three-phase (oil-gas-water) operation. 

The wet gas leaves the top of the inlet scrubber and passes to the vertical 
glycol-gas contactor. The gas enters the bottom of this vessel and flows upward 
through the contact medium countercurrent to the glycol flow. The contact 
medium in the glycol-gas contactor may be valvetype trays or bubble cap trays. 
In smaller capacity units dumped packing may be used in the place of trays. 
The operation is the same in that the liquid glycol flows down through the 
packing and the gas vapor flows up through the packing contacting the glycol. 
In trayed columns the gas contacts the glycol on each tray as it passes through 
the vessel and the glycol absorbs the water vapor from the gas stream. Above the 
top tray in the contactor is an open space for entrainment settling where most of 
the entrained glycol particles in the gas stream will settle out. Any glycol not 
settling out will be removed by a high-efficiency mist eliminator in the top of 
the contactor vessel. The dry gas then leaves the contactor column at the top. 

The incoming dry lean glycol from the surge tank is cooled in a heat exchanger 
before it enters the contactor for a maximum contacting efficiency. The lean 
concentrated glycol is picked up from the surge tank by the glycol pump and is 
pumped at the contactor operating pressure through the heat exchanger and 
into the top of the contactor column. The dry glycol enters the contactor on 
the top of the tray. The dry glycol flows downward through the contactor vessel 
by passing across each tray and spilling over the wire box on the tray, and then 
passing down through a downcomer to the next tray. By this countercurrent flow 
of gas and glycol, the driest incoming glycol on the top is in contact with the 
driest outgoing gas for maximum dehydration of the gas stream. The bottom 
tray downcomer is fitted with a seal to hold a liquid seal on the trays. 

The wet rich glycol that has now absorbed the water vapor from the gas 
stream leaves the bottom of the glycol-gas contactor column and passes through 
a high-pressure glycol filter. The high-pressure glycol filter will remove any 
foreign solid particles that may have been picked from the gas stream in 
the contactor before the glycol enters the power side of the glycol pump. This 
is generally considered to be the ideal location for primary filtration of the 
glycol stream. 

From the glycol filter water-rich glycol flows through the condensor coil, 
flashes off gas in the flash tank and flows through the glycol-glycol heat 
exchanger to the regenerator portion of the unit. The warmed water rich glycol 
enters the lower part of the tripping still column that is packed with ceramic 
saddles and is insulated. An atmospheric reflux condenser i s  integral with the 
stripping still at the top of the still column, and will condense any glycol vapors 
reaching the head of the still, plus some water vapor to provide the adequate 
reflux required for the stripping column. This reflux condenser is also packed 
with ceramic saddles to assure that all the vapor to be vented will come in 
contact with the cool wall of the condenser. 

The wet glycol after entering the stripping still column will flow downward 
toward the reboiler contacting hot rising glycol vapors, water vapors and 
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stripping gas. The water vapor has a lower boiling point than glycol; therefore, 
any rising glycol vapors will be condensed in the stripping still and returned to 
the reboiler section. In the reboiler the glycol must travel a substantially hori- 
zontal path along the firebox to reach the liquid overflow exit at the opposite 
end. Here in the reboiler the glycol is heated to between 175 and 200°C to 
remove enough water vapor to reconcentrate it to 99.5% or more. For extra dry 
glycol (99% plus) it may be necessary to add some stripping gas to the reboiler. 

The warm wet glycol stream flows from the reboiler to a low-pressure surge 
tank. Next, the regenerated glycol flows through the glycol heat exchangers for 
cooling and is recirculated to the contractor by the glycol pump. 

Dehydrator Design [136] 

Triethylene glycol dehydrators utilizing tray or packed column contactors may 
be sized from standard models by using the following procedures and associated 
graphs and tables. Custom-design glycol dehydrators for specific applications may 
also be designed using these procedures. The following information must be 
first available on the gas stream to be dehydrated. 

gas flowrate (MMscmd or MMscfd) 
composition or specific gravity of gas 
maximum working and operating pressure (bar or psig) 
gas inlet temperature ("C or OF) 
water dew point or water content required of the outlet gas (kg/MMscm 
or lb/MMscf) 

From these, one can calculate: 

1. the minimum concentration of TEG in the lean solution entering the top 
of the absorber required to meet outlet gas water specification. 

2. the lean (dry) TEG circulation rate required to pick from the gas the 
needed amount of water. 

3. the total heat load on reboiler. 

To obtain the answer, it is necessary to have a vapor-liquid equilibrium 
correlation for TEG-water system. 

The minimum lean (dry) TEG concentration, a TEG absorber, is essentially iso- 
thermal. The heat of the solution is about 21 kJ/kg (91 Btu/lb) of water 
absorbed in addition to the latent heat. But, the mass of water absorbed plus 
the mass of TEG circulated is trivial to the mass of gas, so the inlet gas 
temperature controls. The temperature rise seldom exceeds 2°C except when 
dehydrating at pressures below 10 bar (145 psia). 

In Figure 6-214 diagonal lines represent % TEG in a TEG-water mixture 
entering the top of the absorber. 

Example 12 

What equilibrium water dew point could be obtained at 80°F with a lean glycol 
solution containing 99.5 wt% TEG? 

In Figure 6-214 locate 80°F on the abscissa; go vertically to the 99.5% line 
and then horizontally to the ordinate. The answer is -26°F. 

It is theoretical water dew point, which could be attained in a test cell, but 
not in a real absorber. The gas and TEG are not in contact for a long enough 
time to reach equilibrium. 
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Figure 6-214. Equilibrium water dew points with various concentrations of 
TEG [137]. 

Practical tests show that a wel-designed properly operated unit will have 
an actual water dew point 7 & 1.5'C (10 - 15'F) higher than the equilibrium 
dew point. 

The procedure for calculation of minimum glycol concentration is as follows: 

1. Establish the desired outlet dew point needed from sales contract specifica- 

2. Subtract the approach (10 - 15'F) from the desired outlet dew point to 
tions or from minimum system temperature. 

find the corresponding equilibrium water dew point. 
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3. Enter the value in the second step on the ordinate of Figure 6-214 and 

4. Draw a vertical line from the inlet gas temperature on the abscissa. 
5. The intersection of the lines in Steps 3 and 4 establishes minimum lean 

TEG concentration required to obtain the water dew point in Step 1. 

If water content is specified or calculated in mass per unit gas volume, a water 
content-pressure dew point temperature correlation is required (see Figure 62023). 

draw a horizontal line. 

Example 13 

The gas sales contract specifies an outlet water content of 5 lb/106 scf at a 
pressure 1,000 psia. The inlet gas temperature is 100°F. What minimum TEG 
concentration is required? 

For 5 lb/106 scf and 1,000 psia, the equivalent dew point from Figure 62023 is 
25°F. Using 13°F approach the equilibrium dew point is 12°F. From Figure 6214 
at 12°F and 100°F contact temperature wt% TEG = 98.4%. 

A given lean TEG concentration is produced in the reboiler and still column 
(regenerator) section by control of reboiler temperature, pressure and the possible 
use of a stripping gas. So long as no stripping gas is used, the concentration 
of the lean TEG leaving the reboiler is independent of the rich TEG entering. 
When stripping gas is used, the concentration of rich TEG leaving the absorber 
is found by a water material balance around the absorber. By definition 

(100) wt lean TEG Wt% rich TEG = 
Wt lean TEG +wt water absorbed +wt water in lean TEG (6-280) 

The weight quantities in this equation may be found per unit of time (or per 
unit of gas flow). In any case, the values used depend on circulation rate. This 
rate depends on dew point requirements, lean TEG concentration, amount of 
absorber contact and economics. 

Economics dictates a rather low circulation rate. This rate usually will be a 
7.5 to 22.5 L (2 to 6 gal) TEG solution per pound of absorbed water from the 
gas. The minimum rate is governed by the rate required for effective gas-liquid 
contact in the absorber; the maximum is limited by economics. Because regenera- 
tion takes place at low pressure, calculations are simple. Figure 6-215 has been 
prepared to predict regenerator performance based on Equation 2-280. 

The minimum wt% lean TEG on the top abscissa is found from Figure 6-214. 
The wt% of rich TEG on the bottom abscissa is found from Equation 6-280. 
Neglecting the small amount of water in the lean TEG, the rich TEG concentra- 
tion can be determined from 

8.%( SG,)( lean TEG) 
8.34( SG&) + l/L, 

Rich TEG = (6-28 1) 

where rich TEG = wt% TEG in rich TEG solution 
8.34 = water specific weight in lb/gal 

(SG,) = relative density of lean TEG solution at operating tempera- 
ture of contractor 

Lean TEG = wt% TEG in lean TEG solution 
L, = glycol to water circulation rate in gal TEG/lb H,O 
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The diagonal lines in the lower left part of Figure 6-215 represent various 
amounts of stripping gas. Degree of regeneration depends on temperature 
regeneration, pressure and quantity of stripping gas. The general procedure for 
using nomogram (Figure 6-215) is as follows: 

1. Atm. Pressure, No Stripping Gas 
Wt% rich glycol is not a variable. Proceed vertically from 0 stripping gas 
and temperature line intersection. You will read 98.7 wt% TEG at 204°C; 
98.4 wt% at 193°C. 

a. Proceed vertically from B to temperature line and then horizontally. 
b. Proceed vertically from X. 
c. Intersection of two lines from (X) and (B) fixes amount of stripping gas. 

a. Proceed vertically from intersection of 0 gas line and temperature line 

b. Proceed horizontally from point in (a) to pressure line necessary to fix 

If both stripping gas and vacuum are used, procedures 2 and 3 are combined. 

99.0% to 99.9% lean TEG is available from most glycol reconcentrators. A 

2. Atm. hssure ,  Stripping Gas 

3. Vacuum, No Stripping Gas 

to atmosphere line (760 mmHg). 

value of point (C). 

value of 99.5 lean TEG is adequate for most design consideration. 

Example 14 

A 96.45 wt% rich glycol enters a regenerator using 8 scf of stripping gas per 
gallon of glycol solution. Reboiler temperature is 400°F. Find wt% TEG in lean 
glycol solution under atmospheric pressure and 400 mmHg absolute pressure. 

From a bottom line for rich glycol at 96.45 flow to stripping gas we get an 
injected value of 8 scf/gal. Proceed to 400°F and then vertically to get a 99.31 wt% 
if atmospheric pressure is used. If a vacuum is employed, and the absolute 
pressure is 400 mmHg, the low glycol concentration is 99.52 wt%. 

Calculate the required glycol circulation rate L: 

and 

where L = glycol circulation rate in gal/hr 
L, = glycol to water circulation rate in gal TEG/lb H,O 
Wi = water content of inlet gas in lb H,O/MMscf 
G = gas flowrate in MMscfd 

Wr = water removed from gas in lb/hr 
W, = outlet water content in lb/hr 

The required heat load, for the reboiler, can be estimated from 

Q = 2,00O(L) 

(6-282) 

(6-283) 

(6-284) 



Gas Production Engineering 785 

where Q = total heat load on reboiler in Btu/hr 

mation that is accurate enough for most high-pressure glycol dehydrator sizing. 

made from the following procedure: 

The above formula for determining the required reboiler heat load is an approxi- 

A more detailed determination of the required reboiler heat load may be 

Q = Ql + Q. + Q + Q, (6-285) 

Ql = LP,C (T2 - TI) (6-286) 

Q = Wr x 970.3(G) (6-287) 

Q = 0.25% (6-288) 

Q, = 5,000 to 20,000 Btu/hr depending on reboiler size 

where Q, = sensible heat required for glycol in Btu/hr 
Q = heat of vaporization required for water in Btu/hr 
Q = heat to vaporize reflux water in still in Btu/hr 
Q, = heat lost from reboiler and stripping still in Btu/hr 
p = glycol specific weight in lb/gal 8 = glycol specific heat at average temperature in reboiler in Btu/lb O F  

970.3 = heat of vaporization of water at 212”F, 14.7 psia in Btu/lb 
T2,Tl = outlet and inlet temperatures in OF 

L,W,,W,,G = as in Equation 6-282 

The size of the major components of a glycol dehydration unit may be 
estimated using the following procedures. The diameter of the inlet gas scrubber 
may be estimated using techniques in the section titled “Surface Oil Production 
Systems.” The diameter of the glycol contactor can be estimated from Figure 6-216. 

1 10 300 

GAS RATE, MMSCFD 
Figure 6-216. Glycol contactor capacity 11351. 
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The height of the glycol contactor is based on the number of trays used in 
the column. The number of trays may be estimated using Figure 6-217, which 
is based on the dew point depression required and the glycol circulation rate. 
Typical field dehydration units use a value of 9 to 11 L (or 2.5 to 3 gal) of 
TEG per pound of water. Regardless of the type of tray, a spacing of 55 to 60 un 

P 
< 90 .e g 80 
n 
E m  
f 
n B a o  

TEG rate, gal./lb Water in gaS a )  four actual bays 

120 

110 

0 1 2 3 4 5 6 7  
TEG rate, @.Ab wabr in gas b ) sbt actual 

130 

120 

0 1 2 3 4 5 6 7  
lEG rate, gal.Ab wabr In gas 

Flgure 6-217. Approximate glycol 
c ) eight actual Irae 

flow rate [135]. 
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(or 22-24 in.) is recommended. Therefore, the total height of the contactor 
column will be based on the number of trays required plus an additional 1.8 
to 3 m (or 6-10 ft) to allow space for a vapor disengagement area above the 
top tray and an inlet gas area at the bottom of the column. 

Bubble cap trays are normally used in glycol dehydrators to facilitate low liquid 
loadings and to offer a large turndown. 

Example 14 

Design the tower and reboiler for a glycol dehydration unit for these given 
data: gas flowrate 0.7 MMscf/hr at 1,000 psia and temperature of 100°F, and 
an exit dew point gas at 20°F. The inlet gas is fully water saturated with a 
molecular mass of 20.3. For gas reboiler T, = 4OO0F, T, = 280°F. 

Solutlon 

Inlet water content (see Figure 6-202a and b): 

Wi = 601b/Mscf for M = 17.4 
T = 100°F 

P = 1,000 psia 

- x C, = 60 x 0.99 = 59.4 lb/MMscf Wi(ar M = 50.3) - Wi(M - 17.1) 

Outlet water content: 

W, = 4.2 lb/Mscf for M = 17.4 
T = 20°F 

P = 1,000psia 

Wi(at 

Concentration of lean TEG (see Figure 6-214): 

m.s) = 4.2 x 1 = 4.2 lb/Mscf 

For 100°F inlet gas temperature and outlet dewpoint 20°F theoretical value 
for TEG is 97.9%, but we decrease this point 10-15°F. Let's take 12°F for 
a dew point 8°F actual concentration of lean TEG is equal 98.6 wt%. 

Circulation rate glycol, from Equation 6-282: 

L, is assumed to be 3 gal TEG/lb H,O; a more accurate procedure is given 
by Campbell [136]. 

Wr = Wi - Wo = 59.4 - 4.2 = 55.2 lb/MMScf 

G = 0.7 MMscf/hr = 16.8 MMscfd 

3 x 55.2 x 16.8 115.9gal/hr L =  
24 
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From Figure 6-217 find actual trays number if: 

dew point depression is 100 - 20 = 80°F 
lean glycol concentration 98.6% 
assume that L, = 3 gal/lb 

Eight actual trays contactor with L, = 3 gal/lb, 80°F dew point depression 
and 99.1% lean TEG satisfy these conditions. 

Next, the inside diameter of the contactor can be found from Figure 6-216 
for Q = 16.8 MMscfd, P = 1,000 psia and D = 3 ft. Based on this diameter 
scrubber model DHT-3610 can be chosen from Table 6-49. 

Glycol reboiler duty from Equation 6-285: 

Q = Qi + Q + Q + Q, 

Q, = Lp,C (Tp - TI) = 115.9 gal/hr x 9.26 lb/gal 

x 0.665 Btu/lb "F x (400 - 280) = 85,644 Btu/hr 

Q, = 970.3 Btu/lb x 55.2 lb/MMscf x 16.8 MMscfd x $ = 37,492 Btu/hr 

= 10,000 Btu/hr 

Q = 142,509 Btu/hr 

If SG = 0.7 and T = 100"F, calculate the gas capacity of the gas-glycol contactor 
selected for the specific operating conditions: 

G, = G,(CJ(Cg) (6-289) 

where Go = gas capacity of contactor at operating conditions in MMscfd 
G, = gas capacity of contactor at SG = 0.7 and T = 100°F, based on 

C, = correction factor for operating temperature (Table 6-50a) 
Cg = correction factor for gas specific gravity (Table 6-50b) 

operating pressure in MMscfd 

For more accurate calculation procedure, see Sivalls' Glycol Dehydration Design 
Manual [137]. 

Example 15 

The sketch to Example 15 illustrates gas well surface facilities to reduce water 
content in gas stream. The well stream arrives at the well head at 2,000 psia 
and 123°F and separates water in two vessels. The first separator works at 123°F 
and P = 2,000 psia, the second under pressure at P = 800 psia. 

Calculate the following: 

1. Temperature in gas separator (approximately). 
2. Heat removed or added (if one is necessary) by heat exchange before J-T 

3. Does the well produce water (in liquid phase) in reservoir conditions? If 
expansion. 

the well does produce water, how much does it produce? 
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1" 
1" 
1" 
1" 
1" 
2" 
2" 
2" 
2" 

1" 
1" 
1" 
1" 
1" 
2" 
2" 
2" 
2" 

Model 
NO. 

VS162 
VS-202 
VS242 
VS302 
VS362 
VS-422 
vs482 
VS-542 
vs602 

1150 
1800 
2600 
3400 
4700 
6700 
8500 
11300 
14500 

1500 
2100 
2800 
3900 
5400 
7800 
9200 
12900 
16000 

VS165 
VS-205 
VS245 
VS-305 
VS365 
vs425 
vs485 
VS545 
VS605 

VS166 
VS206 
VS246 
VS306 
VS366 
VS426 
VS486 
VS546 
Vs606 

VS-1610 
vs2010 
VS2410 
vs3010 
VS3610 
vs4210 
vs4810 
-5410 
vs6010 

VS1612 
vs2012 
VS-2412 
VS-3012 
VS3612 
vs4212 
v54812 
VS-5412 
vs-6012 

VS1614 
V.5-2014 
v52414 
VS3014 
VS3614 
W 2 1 4  
VsQ814 
VS-3414 
Vs-6014 

Table 6-48 
Vertical Inlet Scubbers Specifications [ 

Sue 
0. D. 
18" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

16" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

16" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

16" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

1 6" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

16" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
w 

Gas Cdpadty based on 100°F. 0. 

Nominal 
W.P. 

250 
psig 

500 

600 

1000 

1200 

1440 

Nominal 
GaS 

capacity 
MMSCFD' 

1.8 
2.9 
4.1 
6.5 
9.4 
12.7 
16.7 
21.2 
26.1 

2.7 
4.3 
6.1 
9.3 
13.3 
18.4 
24.3 
30.6 
38.1 

3.0 
4.6 
6.3 
9.8 
14.7 
20.4 
27.1 
34.0 
42.3 

3.9 
6.1 
8.8 
13.6 
20.7 
27.5 
36.9 
46.1 
57.7 

4.2 
6.5 
10.0 
15.3 
23.1 
31.0 
40.5 
51.4 
62.3 

4.8 
6.7 
11.2 
17.7 
25.5 
34.7 
45.3 
56.1 
69.6 

ing pressure. 

Inlet & 
Gas outlet 

corn 
2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

shipping 

1400 
1900 
2600 
3000 
3500 
4500 

1" I 1000 

1" I 3800 

2" 7500 

5100 

1100 
1600 
2500 
3200 
4400 
6300 
8400 
9700 

2" 14500 
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Nomhul 
GaS - 

MMSrn' 

1.5 
2.4 
3.2 
4.0 
6.1 
9.9 

14.7 
19.7 
26.3 
32.7 
40.6 

2.0 
3.2 
4.3 
5.3 
8.3 

13.1 
19.2 
27.4 
35.1 
44.5 
55.2 

2.2 
3.4 

Table 6-49 
le Glycol-Gas Contactors [la] 

GaaInlet 
& outlet 

Size 

2" 
2" 
3" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

P 
P 
3" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

2" 
2" 

Tray-TI 

Nominal 
W.P. 

250 
Psis 

29.4 
39.2 
49.3 
61.3 

2.7 
4.3 
5.5 
7.3 

11.3 
18.4 
27.5 
37.1 
49.6 
62.0 
77.5 

3.0 
4.7 
6.0 
7.8 

12.0 
20.1 

6" 
6" 
6" 
6" 

2" 
2" 
3" 
3" 
3" 
4" 
4" 
6" 
6" 
6" 
6" 

P 
2" 
3" 
3" 
3" 
4" 

G l p l  Inlet 
&Outlet 
Sze 

K 
K 
1" 
1" 
1" 
1!4" 
1%" 
P 
P 
2" 

G W 1  
cooler 

Sire 

2" x 4" 
2" x 4" 
3" x 5" 
3" x 5" 
3"x 5" 
4" x 6" 
4" x 6" 
6"xV 
8"xV 
6"xV 
6"x8" 

Ship* 
Weight 

Ib. 
800 
900 

1100 
1400 
2000 
2400 
3200 
4400 
6300 
7700 
9500 

Model 
NO. 

DHT-122 
DHT-162 
DHT-182 
DHT-202 
DHT-242 
DHT-302 
DHT-362 
DHT422 
DHT.182 
DHT442 
DHT-602 

siee 
0. D. 
12%" 
1 6" 
1 8" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

DHT-125 
DHT-165 
DHT-185 
DHT-205 
DHT-245 
DHT-305 
DHT-365 
DHT425 
DHT-485 
DHT-545 
DHT-605 

12%" 
1 6" 
18" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

500 %" 
%" 
3" 
1" 
1" 
1" 
1%" 
1 %" 
2" 
2" 
2" 

2" x 4" 
2" x 4" 
3" x 5" 
3" x 5" 
3" x 5" 
3" x 5" 
4" x 6" 
6" x 8" 
6" x 8" 
6" x 8" 
6" x 8" 

1000 
1200 
1500 
1700 
2900 
3900 
6000 
7700 

10000 
12000 
15300 

DHT-126 
DHT-166 
DHT-186 
DHT-206 
DHT-246 
DHT-306 
DHT-366 
DHT426 
DHT-466 
DHT-546 
DHT-696 

12%" 
16" 
18" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

600 %" 
v 
K 
1" 
1" 
1" 
1%" 
1%" 
2" 
2" 
2" 

2" x 4" 
2" x 4" 
3" x 5" 
3" x 5" 
3" x 5" 
3" x 5" 
4" x 6" 
6" x 8" 
6" x 8" 
6" x 8" 
6"x8" 

1100 
1300 
1600 
1800 
3000 
4000 
6300 
8400 

11900 
13400 
16500 

4.5 3" 
3" 

14.3 4" 
21.2 4" 

DHT-1210 
DHT-1610 
DHT-1810 
DHT-2010 
DHT-2410 
DHT-3010 
DHT-3610 
DHT4210 
DHT.1810 
DHT-5410 
DHT-6010 

12%" 
16" 
18" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 
60" 

1000 !4" 
v 
%" 
1" 
1" 
1" 
1%" 
l%# 
2" 
P 
4 

2" x 4" 
Yx4"  
3" x 5" 
3" x 5" 
3" x 5" 
3" x 5" 
4" x 6" 
6" x 8" 
6" x 8" 
6" x 8" 
6" x 8" 

1500 
1600 
2100 
2600 
4200 
5500 
8500 

11800 
16200 
2M00 
26300 

DHT-1212 
DHT-1612 
DHT-1812 
DHT-2012 
DHT-2412 
DHT-3012 
DHT-3612 
DHT4212 
DHT4812 
DHT-5412 
DHT-6912 

12%" 
16" 
18" 
20" 
24" 
30" 
30" 
42" 
48" 
54" 
60" 

1200 %" 
%" 
%" 
1" 
1" 
1" 
1 !4" 
1 %" 
2" 
2" 
2" 

2" x 4" 
2" x 4" 
3' x 5" 
3" x 5" 
3" x 5" 
3" x 5" 
4" x 6" 
6" x 8" 
6"x8" 
6"x8" 
6"x8" 

1500 
1900 
2300 
9000 
4900 
6400 

10000 
13100 
18400 
23500 
29000 

29.8 4" 
41.4 I 6" 54.1 6" 

1440 %" 
v 
%" 
1" 
1" 
1' 
1%" 
1%" 
2" 
2" 

1%" 
16" 
1 8" 
20" 
24" 
30" 
36" 
42" 
48" 
54" 

DHT-12 14 
DHT-1614 
DHT-1814 
DHT-2014 
DHT-2414 
DHT-3014 
DHT-3614 
DHT4214 
DHT4814 
DHT-5414 

P x 4 "  
23x4" 
3" x 5" 
3" x 5" 
3" x 5" 
3" x 5" 
4" x 6" 
6" x 8" 
6" x 8" 
6" x 8" 

1800 
2200 
2800 
3500 
5800 
7500 

11700 
14400 
20000 
25800 

13.3 
22.3 
32.8 
44.3 
58.3 6" 
74.0 

Gaa capacity based on 100°F. 0.7 sp gr and contactor working pressure 
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T = 123 OF 
0 

What is the temperature in the gas separator? We calculate 

c 

WATER + CONDENSATE - 
"111 
1 --"I 
_ - u - y  ."l-l... 

lb water 527 vpm change in - 
lo6 s c f  

WELLSTREAM 
RESERVOIR 
CONDITIONS 

x lbmole H,O x 379.4 scf/mole 
lo6 scf 

= 527 x lo6 

i L  - - FREE WATER 
1500 BBUDAY 

x= - -  527 - 1.389 mole 
379.4 

= 1.389 mole x 18 lb H,O/lbmole = 25 lb H,0/106 scf 

From Figure 6-2026 for water content of 25 lb/106 scf and P = 800 psia, T 

Is heat added or removed? 
dew point = 67°F 

Use any H-S diagram for natural gas with SG = 0.6. Starting from T = 67°F 
and 800 psia at constant enthalpy (J-T expansion? to P = 2,000 gives T = 123"F, 
so assuming constant enthalpy, no heat exchange is necessary. 

Does the well produce water in reservoir conditions? The conditions are 
as follows: 

Dissolved water in gas in reservoir conditions: T = 180°F and P = 3,000 psia, 
W = 195 lb/106 scf. 

Dissolved water in gas in separator no. 1: T = 123OF, P = 2,000 psia, W = 
70/106 scf. 

Hence, an amount of water from gas stream is (195 - 70)lO = 1,250 lb/day. 
Separator no. 1 produces 1,500 lb/day water, which is more than can be 
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condensated from gas, which means the well produces water in liquid phase at 
a rate of 250 Ib/day. 

Solid Desiccant Dehydration (Adsorption) 

Adsorption describes any process wherein molecules from the gas are held 
on the surface of a solid by surface forces. Solid desiccants that possess a total 
area of 500,000 to 800,000 m2/kg (2,400,000 to 3,900,000 ft2/lb) are used as 
adsorbants, and commercially use fall into one of three categories. 

Alumina-a manufactured or natural occurring form of aluminum oxide that is 
activated by heating. 

Gels-aluminum or silica gels manufactured and conditioned to have an affinity 
for water. 

Molecular Sieves-manufactured or naturally occurring aluminosilicates exhibiting 
a degree of selectivity based on crystalline structure in their adsorption of 
natural gas constituents. 

Each desiccant category offers advantages in different services. The best choice 
is not routine. The following discussion uses a molecular sieve to illustrate the 
design procedures. 

Molecular sieves possess the highest water capacity, will produce the lowest 
water dew points (-90°C or -130"F), and can be used to simultaneously sweeten 
and dry gases and liquids. They also are usually much more expensive. 

Molecular sieve dehydrators are commonly used ahead of NGL recovery plants 
where extremely dry gas is required. Cryogenic NGL plants designed to recover 
ethane produce very cold temperatures and require very dry feed gas to prevent 
formation of hydrates. Dehydration to approximately 1 ppmw is possible with 
molecular sieves. Typical desiccant properties are given in Table 6-51. 

Figure 6-218 shows the simplest desiccant system. It consists of two towers of 
continuing desiccant; one is drying while the other is regenerating and cooling. 
During regeneration all adsorbed materials are dissolved by heat to prepare the 
tower for its next cycle on-stream. 

The continuous process requires two (or more) vessels, with one on line 
removing water while the other is being regenerated. Generally a bed is designed 
to be on-line for 8 to 24 hr. When the bed is taken off-line, the water is removed 
by heating the sieve to 230-290°C (or 450-550°F). The regeneration gas used 
to heat the bed is usually a slipstream of d r y  process gas. The regeneration gas 
is returned to the process after it has been cooled and the free water removed. 

Since solid desiccant units cost more to buy and operate than glycol units, 
their use is usually limited to applications such as very sour gases, very low water 
dew point requirements, simultaneous control of water and hydrocarbon dew 
points, and special cases such as oxygen-containing gases, etc. In cryogenic 
plants, solid desiccant dehydration usually is preferred over methanol injection 
to prevent hydrate and ice formation. Solid desiccants are also often used for 
the drying and sweetening of NGL liquids. Any host source can be used to heat 
the regeneration gas including waste heat from engines and turbines. Heat is a 
major operating cost and is a major design consideration. 

Solid Desiccant Dehydrator Design [135] 

The allowable superficial velocity through the bed is the first parameter that 
must be estimated. The pressure drop through the bed is related to the super- 
ficial velocity by a modified Ergun equation: 
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Figure 6-218. Flow sheet of a basic two-tower dry desiccant unit [135]. 

P - = BpV + CpV2 
L 

where P = pressure drop in psi 
L = length of packed bed in ft 
p = viscosity in cp 
V = superficial velocity in ft/min 
p = density in lb/ft3 

A,B = constants as below 

Partlcle type B C 

(6-290) 

in bead 0.0560 0.0000889 
4 in extrudate 0.0722 0.000124 
&in bead 0.152 0.000136 
&in extrudate 0.238 0.00021 0 

Fire 6-219 was derived from this modified Ergun equation by assuming a gas 
composition and setting P/L equal to 0.333 psi/ft. The design pressure drop 
through the bed should be about 5 psi. A design pressure drop higher than 
8 psi is not recommended. Remember to check the pressure drop after the bed 
height has been determined. Once the allowable superficial velocity is estimated, 
calculate the bed diameter: 

1.2 
4( ACFM ) = [  3.14(V) ] (6-29 1) 
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PRESSURE 

Flgure 6-219. Allowable velocity for molecular sieve dehydrator [135]. 

where D = diameter in ft 
ACFM = actual cubic feet per minute 

The next step is to choose a cycle time and calculate the pounds of sieve 
required. Cycles for 8-12 hr are common. Cycles of greater than 12 hr may be 
justified especially if the gas is not water saturated. Long cycles mean less regen- 
erations and longer sieve life, but larger beds and additional capital investment. 

During the adsorption cycle, the bed can be thought of as operating with 
three zones. The top zone is called the saturation zone. The molecular sieve in 
this, zone is in equilibrium with the wet inlet gas. The middle or mass trans- 
fer zone (MTZ) is where the water content of the gas is reduced from satura- 
tion to < 1 ppm. The bottom zone is unused sieve. If the bed operates too 
long, the mass transfer zone begins to move out the bottom of the bed causing 
a "breakthrough." 

Unfortunately, both the water capacity and the rate at which the molecular 
sieves adsorb water change as the molecular sieves age. The object of the 
design is to install enough sieve so that 3 to 5 years into the life of the sieve 
the mass transfer zone will be at the bottom of the bed at the end of the 
adsorption cycle. 

In the saturation zone, the molecular sieve is expected to hold approximately 
13 lb of water per 100 lb of sieve. This capacity needs to be adjusted when the 
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gas is not water saturated or the temperature is above '75°F. See Figures 
6-220 and 6-221 for the correction factors. To determine the pounds of molecular 
sieve required in the saturation zone, calculate the amount of water to be 
removed during the cycle and divide by the sieve capacity: 

(6-292) 

(S, )(bulk densityM4) 
L, = (3.14)( D*) (6-293) 

where Ss = amount of molecular sieve required in saturation zone in lb/hr 
Wr = water removed in lb/hr 

1 .oo 
0.98 

0.96 

0.94 

g- 0.92 

8 0.90 
B 

0.88 

0.86 

0.84 

0.82 

0.80 

0 

0 10 20 30 40 50 60 70 80 90 100 
Temperature, "F 

Figure 6-220. Mole sieve capacity correlation for undersaturated inlet gas [135]. 

1.00 

0.95 

; 0.90 

E 0.85 
r; 
0 - g 0.80 

0.75 

0.70 
70 80 90 100 110 120 130 140 150 160 170 180 

Temperature, "F 

Figure 6-221. Mole sieve capacity correlation for temperature [135]. 
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CIS = saturation correction factor for sieve 
C,  = temperature correction factor 
L, = length of packed bed saturation zone in ft 

Bulk density is 42 to 45 lb/ft3 for spherical particles and 40 to 44 lb/ft3 for 

Even though the MTZ will contain some water, the saturation zone is calcu- 

Refer to Table 6-51 for bulk densities of common desiccants. 
The length of the mass transfer zone can be calculated as 

extruded cylinders. 

lated assuming it will contain all the water to be removed. 

L,, = (V/35)03(Z) 

Table 6-50 
Correction Factors for Gas Capacity for Trayed Glycol-Gas 

Contractors In Equation 6-289 [I371 

(6-294) 

~ ~ 

(a) 

"F c, 
Operating Temp. Correction Factor 

40 
50 
60 
70 
80 
90 
100 
110 
120 

1.07 
1.06 
1.05 
1.04 
1.02 
1.01 
1 .oo 
0.99 
0.98 

(b) 
Gas Specific Corrmlon Factor 

Gravity ca 
0.55 1.14 
0.60 1.08 
0.65 1.04 
0.70 1 .oo 
0.75 0.97 
0.80 0.93 
0.85 0.90 
0.90 0.88 
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Table 6-51 
Typical Desiccant Properties [137] 

Ethylene Dlethylene Trlethylene 
Glycol Glycol Glycol 

Molecular Weight 62.07 106.12 150.17 

Specific Gravity 0 68°F 1.1155 1.1184 1.1255 

Specific Weight, Ib/gal. 9.292 9.31 6 9.375 

Boiling Point 0 760 MMHg, "F 387.7 474.4 550.4 

Freezing Point, "F 9.1 18.0 24.3 

Surface Tension 0 77"F, dynedcm 47.0 44.8 45.2 

Heat of Vaporization 0 760 MMHg, BTU/lb 364 232 174 

Z = 1.70 for +in sieve 
= 0.85 for &-in sieve 

The total bed height is the summation of the saturation zone and the mass 
transfer zone heights. Approximately 6 ft free space above and below the bed 
is needed. 

Regeneration Calculations 

The first step is to calculate the total Btus required to desorb the water and 
heat the sieve and vessel. A 10% heat loss is assumed, such that 

Btu Q, = 1800- (lb of water on bed) 
1bUl 

0.22 Btu 
lb" F QG = (lb of sieve) (Trp - Ti 1 

0.12 Btu 
lb" F Qs, = (lb of steel) (Trp -Ti 1 

(6-295) 

(6-296) 

(6-297) 

Qhl (heat loss) = (Q, + Qi + Q , t ) ( O . l O )  (6-298) 
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where Q = desorption of water heat duty in Btu/hr 
Qi = duty required to heat mole sieve to regeneration temperature in Btu 
Q, = duty required to heat vessel and piping to regeneration temperature 

Q,= regeneration heat loss duty in Btu/hr 
T, = regeneration gas temperature in O F  

Ti = inlet temperature in O F  

in Btu 

For the entire regeneration cycle, only about one-half of the heat put into 
the regeneration gas is utilized. This is because by the end of the cycle the gas 
is leaving the bed at about the same temperature at which it enters. 

(6-299) 

= total regeneration heat duty in Btu 

The heating time is usually + to Q of the total regeneration time which must 
include a cooling period. For 8-hr adsorption cycles, the regeneration normally 
consists of 4 4  hr of heating, 3 hr of cooling and + hr for standby and switching. 
For longer cycles the heating time can be lengthened as long as a minimum 
pressure drop of 0.1 psi/ft is maintained. 

R, (lb/hr ) = Q, 
(Cp)(6000 F - T,)(heating time) (6-300) 

where R, = regeneration gas flow in lb/hr 
Cp = heat capacity in Btu/(lb OF) 

Figure 6-222 can be used to estimate the required minimum velocity to meet 
0.10 psi/ft. 

The regeneration cycle frequently includes depressuringhepressuring to match 
the regeneration gas pressure and/or to maximize the regeneration gas volume 
to meet the velocity criterion. Some applications, termed pressure swing adsorp 
tion, regenerate the bed only with depressurization and sweeping the bed with 
gas just above atmospheric pressure. 

Moisture analyzers for very low water contents require care to prevent damage 
to the probes. Sample probes and temperature probes must be installed to reach 
the center of the gas phase. 

Mole sieve towers are insulated either internally or externally. Internal refrac- 
tory requires careful dryout, usually before the mole sieve is installed. 

Bed support and screens on top of the bed consist of three to five layers in 
graduated sizes. Since the flow is in both directions through the bed, both ends 
must be protected. 

A layer of less expensive desiccant can be installed on the top of the bed to 
catch contaminants, such as amines. This may extend the bed life. 

Since mole sieve can produce dust, filters are frequently installed downstream 
to protect subsequent equipment. 

Operating data should be monitored to try to prevent permanent damage to 
the mole sieve. Performance tests are frequently scheduled on a routine basis, 
ranging from monthly during early operations to 6 months or longer. The size 
of the unit and the quantity of the expensive mole sieve also affect the frequency 
of performance tests. 
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Flgure 6-222. Minimum regeneration velocity for mole sieve dehydrator [137]. 

Gas Flow Measurement 

For both sides, producers and gas users, measurement is very important; gas 
meters are, in fact, the cash register for gas companies. At two dollars per 1,000 
ft3, a 1% error on 100 MMcfd of standard heating value is worth $2,000 per 
day. &% error, better than the capability of current technology, is still equal to 
$73,000 per year. 

An accuracy for measurement of technique, depends on: 

Gas quality. The best is the residue gas stream manufacturing facilities, 
Stability gas flow. The best measurement is for constant flowrate. 
Pulsation and vibration. Pulsation is defined as a variation that has a f r e  
quency of less than one cycle per second. Pulsation and vibration tend to 
force measurement to be interpreted too high. This is especially important 
during chart integration, where it becomes very difficult for the chart inte- 
grator operator to accurately interpret wide bands and highly variable flow 
on the charts, and for static and differential pressure measurement of pul- 
sating flow where the recording devices tend to ride the top of the pulses 
and give high-volume indications. 
Size of measuring system v e r m  flowrate. Systems are oversized. 
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Maintenance of metering systems especially in winter time. All new systems for 
custody transfer measurement should have straightening vanes installed. 
Boper calibration. If we axe trying to conduct gas measurement, there must 
be only a single-phase flow. Liquids or solids moving through the system 
can produce large errors and a great deal of uncertainty. In systems where 
two-phase flow is unavoidable, it may resort to wedge meters. 

A flowmeter or measurement device is characterized using the following 
parameters: 

Accuracy is defined as the ratio of the difference between the actual and 
measured rates to the actual rate 

x 100% (6-301) 
Abs . [Actual rate - measured rate] 

Actual rate 
Accuracy = 

and it is reported in one of two ways: percent of full scale or percent of 
reading. For example, for a 80-MMscfd flowmeter, &l% of full scale accuracy 
means that the measured flowrate is within f0.8 MMscfd of the actual 
flowrate, regardless of the value of the flowrate. Thus, for a measured flow- 
rate of 15 MMscfd, the actual flowrate is between 14.2 and 15.8 MMssfd. 
The higher flowrate indicates more precise measurement. An accuracy of *l% 
of reading, however, implies that the measured flowrate is within 14.85 to 
15.15 MMssfd for a measured rate of 15 MMscfd and 79.2 to 80.8 MMscfd 
for a measured rate of 80 MMssfd. 
Rangeability is the ratio of the maximum flowrate to the minimum flowrate 
at the specified accuracy. 
Repeatability or precision is the ability of a meter to reproduce the same 
measured readings for identical flow conditions over a period of time. 
Repeatability does not imply accuracy; a flowmeter may have very good 
repeatability, but a lower overall accuracy. 

Table 6-52 lists 19 different categories of flowmeters. In nearly every case each 
category further subdivides into several distinctly different variants. 

Dlfferentlal Pressure Method 

This is undoubtedly the most widely used method of natural gas measurement. 
Some of the commonly used differential pressure devices are: 

Orifice meters, with a rangeability of about 3.5:l and an accuracy up to 

Venturi meters, with a rangeability of about 3.51 and an accuracy of f1% [139]. 
Flow nodes, with a rangeability of 3.5:l and an accuracy of f1.5 - 2% [139]. 
Pilot tube, which measures the difference between the static pressure at 
the wall of the flow conduit and the flowing pressure at its impact tip where 
the kinetic energy of the flowing stream is converted into pressure. Because 
of the relatively poor accuracy of t h i s  device, it is not used very often. 

i0.51 [139]. 

The Orifice Meterlng System 

The orifice meter consists of static pressure and differential pressure recording 
gages connected to an orifice flange or orifice fitting. The orifice meter tube 
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(meter run) consists of upstream and downstream sections of pipe for which 
size and tolerance have been determined through calculation and which conform 
to specifications set forth in ANSI/API 2530 (GPA 8185-85) [140]. 

The orifice plate is held perpendicular to flow by flanges or a fitting. 
The thickness of the orifice plate is normalized. As shown in Figure 6-223 

the maximum thickness varies from 0.130 to 0.398 in. as pipe size is increased 
from 2 to 12 in. The thickness of the orifice plate at the orifice edge shall not 
exceed the smaller of +, of the pipe diameter D or + of the orifice diameter d. 

Nominal h i d e  Diameter. in inches 

2 3  4 6 8 10 14 16 20 24 30 ----- ----___- 
Published 1.687 2.624 3.152 9.562 18.812 

Inside 1.939 2.900 M38 4.897 5.761 7 . w  10.090 11.938 15 .m 19.000 2 3 . m  2 9 . ~ 0  
Diameter 2.C67 2.300 3.068 5.826 4.026 5.187 6.0% 7.623 8.071 10.136 11.374 I2.wO 14.688 15.Y50 19.250 22.624 25.250 28.750 29.230 

Orifice nrlc Thirlulnr. E. in inches 

Minimum 0.115 0.115 0.115 0.115 0.115 0.115 0.115 0.115 0.116 0.115 0.173 0.175 0.17.5 0.175 0.240 0.240 0.240 0.370 0.370 
Maximum 0.130 0.150 0.130 0.150 0.1% 0.165 0.192 0.254 0.m 0.319 0.579 0.398 0.490 0.500 0.505 0.5aS 0.505 0.562 0.578 

Retommcndcd 0.125 0.125 0.125 0.1% 0.125 0.1~6 0.125 0.125 0.1~5 0.~50 0.250 0.2%~ 0,375 0.375 0.375 0.375 0.375 o . 5 ~  0.500 

i e. in inches 

8/92 
1/64 
,/I6 3/16 3/16 
1/64 15/64 15/64 

/32 7/32 7/32 
5/64 15/64 15/64 

1/4 1/4 
W 3 2  9/32 

x19/6 

Figure 6-223. Orifice plate dimensions [140]. 
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If the thickness of the orifice plate must be greater than permitted by these 
limitations, the downstream edge shall be cut away (beveled or recessed) at an 
angle of 45” or less to the face of the plate, leaving the thickness of the orifice 
edge within those requirements. All orifice plates that are beveled should have 
the square-edge side stamped “inlet” or the beveled side stamped “outlet.” The 
upstream edge of the orifice shall be square and sharp, so that it will not show 
a beam of light when checked with an orifice edge gage, or alternately will not 
reflect a beam of light when viewed without magnification. The orifice shall 
not have a burred or feathered edge; it shall be maintained in this condition at 
all times. Moreover, the orifice plate shall be kept clean at all times and free 
from accumulation of dirt, ice and other substances. 

The magnitude of the measured pressure differential is affected by the 
location of the points across the orifice between which it is measured. The four 
types of pressure tap locations that have been used are as follows: 

1. FZunge Ype. In this type, the pressure is measured 1 in. upstream and 1 in. 
downstream of the orifice. This is the most common type of pressure tap. 

2. Pipe tups. The pressure is measured 2.5 pipe IDS upstream and 8 pipe IDS 
downstream of the orifice. 

3. Vena contructu tups. The upstream tap is one ID upstream of the orifice, 
and downstream tap is located at the plane of the vena contracta. Vena 
contracta location is determined from an experimental curve. 

4. Corner type. The pressure taps are located immediately adjacent to the 
upstream and downstream faces of the orifice plate (see Figure 6-224). 

The orifice is usually mounted between a pair of flanges. To avoid errors 
resulting from disturbance of the flow pattern due to valves, fittings, etc., a 
straight run of smooth pipe before and after the orifice is recommended. 
Required length depends on p ratio (ratio of diameter of orifice to inside 
diameter of pipe) and severity of the flow disturbance. The orifice to meter 
tube diameter ratio fl = d / D  should be limited as follows: 0.15 to 0.70 with 
meters using flange taps and 0.20 to 0.67 with meters using pipe taps. The term 
“meter tube” shall mean the straight upstream pipe of the same diameter (of 
length A and A’ on Figures 6-225 to Figure 6-229 and Table 6-53) between the 
orifice flanges or fittings and the similar downstream pipe (length B on the 
same figures) beyond the orifice. 

The mean inside diameter of the meter tube should be determined. Measure- 
ments are to be made on at least four diameters equally spaced in a plane 1 in. 
upstream from the upstream face of the orifice plate. The mean of these four 
or more measurements is to be used in the calculation of the flow coefficient 
when minimum uncertainty of this variable is desired. 

The difference between the maximum measured diameter and the minimum 
measured diameter of the inlet section shall not exceed the tolerance allowed 
by Fqure 6-230 as a percent of the published diameter. The following equation 
may be used to calculate the variance of the upstream section of the meter tube: 

100.5 %tolerance (6-302) 

The meter tube diameter must agree with the published inside diameters 
within the tolerance allowed by Figure 6-230. The temperature at which the 

(text continued on page 806) 
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Figure 6-224. Pressure-tap spacing I141 1. 
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METER TUBE 

E A 2  
I 

“OR IF ICE 

- I b 
REGULATOR OR 

PARTIALLY CLOSED 
b 

9 
Figure 6-225. Partly closed valve upstream of meter tube [140]. 

LESS 
THAN 10 D - I 

I 

U 
Figure 6-226. Two ells not in same plane upstream of meter tube [140]. 

p =  METERTUBE 7 4  
LESS - I 

ORIFICE 

- -- - 
C- 

Figure 6-227. Less than ten pipe diameters D between two ells in same 
plane upstream of meter tube [140]. 
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Flgure 0-228. Greater than ten pipe diameters D between two ells in the 
same plane upstream of meter tube. 
Source: after (13) 

+METER TUBE 4 

L A S  REQUIRED B Y 4  
PRECEDING FllTlNG 

Figure 6-229. Reducer or expander upstream of meter tube [140]. 

(text continusd from page 803) 

motor tube measurements are made should be recorded for possible correction 
to operating conditions. 

Gas Orlflce Calculatlons [140,141] 

In measurement of natural gas, the general practice is to express the flow in 
ft?/hr at some specified reference or base condition of pressure and temperature. 

A convenient way of making this computation is to write flaw equation using 
the orifice flow constant C’: 

Q = C’(kPf)o.5 (6-303) 

where: Q = volume flowrate in ft5/hr at base conditions 
h, = differential pressure in inches of water at 60°F 
P, = static pressure in psia; use subscript 1 when P, is measured at the 

upstream orifice tap and subscript 2 when the P, is measured at 
the downstream orifice tap 

and 

C ’ = F,,FrYFpbF~F$,F,F,FIFa (6-304) 

where C = orifice flow constant 
Fb = basic orifice factor 
F, = Reynold’s number factor 
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Table 6-53 
Mlnlmum Motor Tube Lengths In Terms of Pipe Dlameters and Beta Ratio 

Beta Ratio 
Installation 
Figure Dimension 0.5 0.6 0.67 0.70 0.75 

6-226 

6-227 

6-228 

6-229 

6-225 A 25.0 30.0 36.0 38.6 43.5 
A' 10.2 12.2 14.2 15.3 17.5 
B 3.8 4.1 4.2 6.3 4.5 
C 5.0 5.5 6.2 6.4 7.0 
C' 5.2 6.7 8.0 8.9 10.5 
A 20.8 25.0 28.8 31.0 35.2 
A' 10.0 11.4 12.8 13.5 15.0 
B 3.8 4.0 4.2 4.3 4.5 
C 5.0 5.5 6.2 6.5 7.2 
C' 5.0 5.9 6.6 7.0 7.8 
A 10.0 13.8 17.4 19.0 22.0 
A' 9.0 10.3 11.7 12.3 13.8 
B 3.8 4.0 4.2 4.3 6.5 
C 5.0 5.5 6.2 6.5 7.1 
C' 4.0 4.8 5.5 5.8 6.7 
A 6.9 9.3 12.5 13.9 16.7 
B 3.8 4.0 4.2 4.3 4.5 
A 7.5 9.7 11.8 12.1 13.6 
B 3.8 4.1 4.2 4.3 4.5 

Use for all pipe sizes. Based on flange taps. For pipe taps 
add 2 diameters to A, A ' ,  and C and 8 pipe diameters to B. 

B 
Note: Maxhnum percent elkwable tolerance between measured upstream 

inside diameter and the publlehed inside diameter refer tothe 
puMished inside diameter. 

Flgure 6-230. Maximum percent allowable meter tube tolerance [140]. 
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Y = expansion factor 
F , = pressure base factor 
l?, = temperature base factor 
F, = flowing temperature factor 
F, = real gas relative density factor 
F = supercompressibility factor 
{ = manometer factor (for mercury manometer) 
F, = gauge location factor 
Fa = orifice thermal expansion factor 

The basic orifice factor F, depends upon the type of pressure taps and the 
pipe and orifice diameters. F, can be calculated from analytical equations as 

F, = 338.17dPK, (6-305) 

where d = actual diameter of the orifice in in. 
= coefficient of discharge for an infinite Reynolds number (which will 

be the minimum value for any particular orifice and pipe size) 

and 

Ke 
15E 

1,000, OOOd 

KO = 
1+ 

where E = 
B =  

= 

K, = 

- 

d(830 - 5008 + 9,0008' - 4,200p3 + B) 
530/Do5 (for flange taps) 
875/D + 75 (for pipe taps) 

0 034 

0.5993+- 
D 

x [(0.07 + y) - 8 r  - (0.009+ -)[0.5 D - p]q2 

+ (s + 3)[p - 0.7Iy2 (for flange taps) 

D 

1 43 
Da5 

+ 1.35p" +-(0.25-p)y* (forpipetaps) 

D = the actual internal pipe diameter in in. 
8 = the orifice diameter ratio, expressed as d/D 

F, should be rounded to four decimal places 
In practice Tables 6-54 and 6-55 are used. The following conditions apply for 

F, values: T, = 6OoF, Tf = 60°F, real gas relative density (specific gravity) = 1.0, 
P, = 14.73 psia, (hwPf)0.5 = -, hJP, = 0. 

(text continued on page 815) 
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Table 6-54 
Flange Taps, Basic Orifice Factors, Fb 11401 

Pine Siea. Nominnl Ild PnMi.hed Inside Diameters. in hrhes 

olifiee 
Diameter 
Inches 

0.250 
0.375 
0.500 
0.625 
0.750 
0.875 
1 .m 
1.125 
1.950 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 

2 s 4 

1.687 1.939 2.067 4.500 2.624 5.900 3.068 3.152 3.438 

12.696 12.708 12.711 12.714 12.712 12.708 i z m 5  12.703 12.697 
28.475 28.440 28.428 28.411 28.594 28.382 28.376 28.373 28.564 
50.780 50.588 50.523 50.436 50.358 50.514 50.293 50285 50.260 
80.099 79.510 79.313 79.054 78.820 78.689 78.627 78.600 78.525 

117.11 115.62 115.14 114.52 113.99 113.70 113.56 118.50 113.33 
162.99 159.56 158.48 157.13 156.01 155.41 155.15 155.03 154.71 
219.86 212.47 210.23 207.44 205.19 204.05 403.55 203.35 2112.76 

291.16 276.20 271.71 2M.36 262.09 259.95 259.04 258.68 267.64 
586.36 353.59 345.14 335.13 327.43 323.64 322.04 321.37 319.61 

448.M) 433.51 415.76 402.25 395.81 393.09 391.98 389.04 
542.29 510.87 4118.09 477.37 472.97 471.15 466.40 

623.93 587.00 569.66 562.60 559.74 552.32 
701.53 674.46 663.43 658.YX 647.56 
835.32 793.90 777.20 770.46 733.18 

990.67 906.03 896.08 870.61 

1091.2 1052.3 103H.2 1001.5 
1223.2 1199.9 1147.7 

1311.7 
1498.5 

Orifice 4 6 8 
Diameter 

Inches 

0.250 
0.375 
0.500 
0.625 
0.750 
0.875 
1.000 

1.125 
3.250 
1.375 
1.500 
1.625 
1.730 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 
2.62.5 
2.750 

3.000 

3.125 
3.2.50 
3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.7.50 
.5.000 

5.250 
5.500 
5.575 
8.000 

2.~75 

3.826 4.056 4.897 5.187 5.761 6.065 7.625 7.981 8.071 

12.688 12.683 
26.%54 
50.2.35 
78.452 

113.13 
154.40 
202.21 

256.70 
318.04 
386.46 
462.28 
545.90 
637.85 
738.77 
849.45 

970.97 
104.7 
252.1 
415.1 
695.6 
797.2 

28.349 
.i0.2% 
78.423 

113.08 
154.27 
401.99 

256.34 
517.45 
585.52 

549.62 
&!4.41 
733.70 
842.14 

9m.50 

460.80 

1089.9 
1231.7 
1987.2 
1558.2 
1746.7 
1955.5 
2195.0 

50.198 
78.340 

112.87 
153.88 
201.35 

255.31 
315.85 
983.00 
456.94 
537.78 
625.74 
72 I .05 
824.01 

935.00 
10.54.4 
1182.9 
1320.9 
1469.3 
1629.0 
1801.0 
1986.7 

2187.2 
2404.3 
2639.5 
2895.6 
3180.9 

50.192 
78.323 

112.62 
153.78 
501.20 

255.08 
315.49 
382.49 
456.17 
536.66 
624.11 
718.72 
820.72 

930.40 
1048.1 
11 74.3 
1309.4 
1454.0 
1608.8 
1774.7 
1952.7 

2143.7 
2549.1 
2570.3 
2808.6 
3066.0 
3346.4 
3658.9 

511.183 
78.298 

112.75 
153.63 
200.96 

254.72 
314.95 
381.71 
455.04 
535.04 
621.80 
715.45 
816.15 

924.09 
1099.5 
1162.6 
1293.9 
1435.3 
1582.1 
1740.0 
1907.9 

2086.4 
2276.6 
2479.1 
2695.1 
2925.7 
3172.2 
3435.R 
3718.3 

4354.9 

50.l8Il 
78.589 

112.72 
153.57 
200.86 

254.57 
314.73 
381.38 
454.58 
534.39 
620.90 
714.20 
814.43 

921.73 
1036.3 
1158.4 
1288.2 
1426.1 
1572.4 
1727.5 
1891.9 

2066.1 
2250.9 
2446.9 
2655.0 
2876.1 
3111.2 
3.361.6 
562R.J 

4216.7 
4901.0 

153.35 
200.46 

253.Y9 
313.92 
3811.25 
453.03 
532.28 
618.03 
710.33 
~09.24 

914.80 
1027.1 
1146.2 
1272.3 
1405.4 
1345.7 
183.4 
1848.6 

4011.6 
2182.6 
2961.9 
2549.8 
2746.6 
2952.7 
311.4 
3594.4 

387Y.5 
4412.9 
5000.8 
5650.2 

6369.4 
7171.1 

153.32 
200.40 

253.90 
513.78 
380.07 
452.79 
531.96 
617.61 
709.78 

913.87 

aoa.52 

1025.Y 
1144.7 
1270.3 
1402.9 
1542.5 
1689.3 
1843.3 

2005.2 
2174.7 
2352.1 
2537.7 
2731.9 
2934.8 
3147.0 
3368.6 

3842.4 
43M.6 
4958.2 
5551 2 

6436.5 

1850.2 
2992.2 

153.31 
200.38 

313.75 
380.03 
452.73 
551.88 
517.31 
7oLJ.hi 
m.35  

913.66 

253.~7 

11125.6 
1144.3 
1269.Y 
141l2.3 
1541.X 

1842.4 

2OOS.H 
2172.9 
2340.9 
2533.1 
2728.6 
2930.9 
3142.2 
3362.9 

4349.1 
41112.4 
.5.529.6 

6207.5 
6955.7 
777X.O 
8707.5 

1688.4 

3n5u 
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Table 6-54 
(continued) 

OIif i i  
Diameter 
Inch. 

1.000 
1.125 
1.250 
1.375 
1.500 
l.fi25 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 

3.125 
3.250 
3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.750 
5.000 

5.250 
5.500 
5.750 
6.000 

6.250 
6.m 
6.750 
7.000 

7.250 
7.500 
7.750 
8.000 

8.250 
8.500 
8.750 
9.000 

9.230 
9.500 
9.750 

1o.uuu 
lO.P§O 
10.500 
10.750 
11.000 

11.250 

10 I S  16 

9.562 10.020 10.156 11.574 11.958 15.090 14.688 15.000 15.450 

200.20 
253.56 
313.92 
379.45 
451.96 
550.88 
616.22 
708.00 
806.25 

911.00 
1022.3 
1140.1 
1264.5 
1395.6 
1533.4 
1678.0 
1829.5 

1987.8 
2153.3 
2325.8 
2- - 303.7 
2692.9 
Pau7.7 
3090.2 
5300.7 

3746.3 
4226.5 
4742.9 
5298.9 

3897.8 
6549.6 
7240.6 
7994.1 

8809.8 
9694.5 
065fi 
1713 

253.49 
313.21 
979.90 
451.77 
530.64 
615.92 
707.62 
805.78 

910.40 
1021.5 
1159.2 
1269.4 
1394.3 
1531.7 
1673.9 
1826.9 

1984.8 
2149.5 
2321.3 
2500.2 
2686.9 
2879.7 
9080.7 
3289.4 

3750.3 
4204.2 
4712.9 
5258.6 

5843.8 
6472.0 
7147.1 
7873.1 

8655.0 
9498.5 

10409 
11594 

12468 
13656 

253.47 
313.18 
37'9.27 
451.79 
590.58 
615.84 
707.53 
805.66 

910.26 
1041.4 
1159.0 
1263.2 
1.993.9 
1531.4 
1673.5 
1826.4 

1984.1 
2148.7 
2320.2 
2498.9 
2684.8 
2878.0 
5078.6 
3286.8 

9726.8 
4199.3 
4706.3 
5249.7 

5832.0 
6456.4 
7126.7 
7846.9 

8621.3 
9455.5 

1055 
11327 

12381 
13541 

312.95 
378.95 
451.31 
530.05 
615.18 
70670 
804.63 

909.00 
1019.8 
1137.1 
1260.9 
1391.2 
1528.0 
1671.4 
1821.5 

1978.2 
2141.6 
2311.8 
2488.8 
2672.7 
28635 
30615 
3266.5 

3698.6 
4160.5 
4653.6 
5179.2 

5738.7 
6334.1 
6967.3 
7640.8 

8.3578 
9121.6 
9935.9 

10805 

11733 
12726 
13789 
14928 

16160 
17306 

312.86 
378.89 
451.15 
529.85 
614.99 
706.38 
804.25 

908.53 
1019.2 
1136.4 
1260.0 
1390.2 
1526.8 
1670.0 
1819.8 

1976.2 
2139.2 
2508.9 
2485.4 
2668.7 
2858.9 
9056.0 
3260.1 

3689.7 
41485 
4637.4 
5157.5 

5710.1 
6296.8 
6919.2 
7579.2 

8279.1 
9021.9 
9810.7 

10649 

11540 
12489 
13500 
14579 

15750 
16965 
18297 

312.84 
378.79 
451.11 
529.80 
614.85 
706.50 
804.15 

908.41 
1019.1 
1196.2 
1259.8 
1389.9 
1526.5 
1669.7 
1819.4 

1975.7 
2138.6 
2308.3 
2484.6 
2667.8 
2857.8 
3054.7 
3258.5 

SM7.6 
4145.6 
4659.6 
5152.4 

5703.3 
6288.1 
6908.0 
7564.9 

8260.9 
8998.9 
9781.8 

1061s 

11496 
1245 
13434 
14498 

15633 
16845 
18148 
19566 

450.54 
529.07 
613.95 
705.19 
802.80 

906.79 
1017.2 
1155.9 
1257.1 
1386.7 
1522.7 
1665.2 
1814.2 

1969.6 
2131.5 
2300.0 
2475.0 
2656.5 
2844.7 
3039.4 
3240.9 

3663.9 
4114.0 
4591.6 
5097.3 

5631.5 
6194.9 
6788.3 
7412.5 

8068.5 
8757.5 
9480.6 

10259 

11035 
11870 
1274.5 
13664 

14629 
15642 
16707 
17827 

19005 
20245 
21.53 
22931 

24385 
25924 
27567 
29392 

450.49 
529.00 
613.87 
705.09 
802.67 

906.63 
1017.0 
1133.7 
1256.9 
1386.4 
1522.4 
1664.8 
1813.7 

1969.1 
2190.9 
m.3 
2474.1 
2655.6 
2843.6 
5038.2 
3239.5 

3662.0 
4111.6 
4588.5 
5093.2 

5626.4 
6188.2 
6779.8 
7401.7 

8054.9 
8740.5 
9459.6 

10213 

11003 
11831 
12698 
13607 

14560 
15560 
16610 
17711 

18869 
20086 
21366 
22713 

24132 
25628 
2721 1 
28900 

30711 

328.95 
613.80 
705.00 
X02.57 

906.51 
1016.8 
1133.5 
12567 
1386.2 
1522.1 
1664.5 
1813.4 

1968.7 
2130.4 
2298.7 
2473.5 
2654.9 
2842.8 
3037.3 
3238.4 

3660.6 
4109.8 
4586.1 
5090.2 

5622.4 
6183.2 
6773.5 
7393.8 

8045.0 
8728.1 
9444.2 

10194 

10980 
llsOS 
12664 
19566 

14511 
15501 
16539 
17627 

18770 
19969 
21229 
22554 

23948 
25415 
26961 
2R569 

30347 
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Table 6-54 
(continued) 

orifiie 
D- 

hChR 

2.000 
2.123 
2.230 
2.375 
2.500 
2.625 
2.750 
2.873 
3.000 

3.125 
3.250 
3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.750 
5.000 

5.250 
5.500 
3.750 
6.000 

6.250 
6.500 
6.750 

7.000 
7.250 
7.500 
7.750 
8.OOo 

8.250 
8.500 
8.750 
9.000 
9.950 
9.500 
9.750 
10.000 

10.250 
10.500 
10.750 
11.000 

11.250 
11.300 
1 1.750 
12.000 

12.500 
13.000 
13.500 
14.000 
14.500 
15.000 
15.500 
16.000 
16.503 
17.000 

17.500 
18.000 

18.500 
19.000 

19.500 
20.000 
20.500 
21.000 
21.500 

20 54 30 

18.812 19.OOO 19.550 22.624 23.000 2S.2.50 26.750 Zi.000 29.250 
801.42 801.37 801.31 
905.13 
1015.2 
1131.6 
1254.4 
1583.6 
1519.1 
1661.1 
1890.4 
1964.2 
2125.3 
2292.9 
2466.9 
2647.4 
2834.3 
3027.7 
3227.6 

3646.8 
4092.2 
4563.9 
5062.0 
5586.7 
6138.4 
6717.2 
7323.6 

7957.7 
8620.2 
9311.3 

0032 
0782 
1563 
2373 
3218 

4095 
5006 
5951 
6932 
7951 
9008 
0105 
1244 
2427 
3655 
4952 
6259 

7638 
9072 
0564 
2118 

5420 
9006 

2916 
7248 

905.08 
1015.1 
1131.5 
1254.3 
1383.5 
1519.0 
1660.9 
1809.3 
1964.0 
2125.1 
2292.7 
2466.7 
2647.1 
28894.0 
9027.3 
3’227.2 

9646.3 
4091.6 
4563.0 
5061.0 

5585.5 
6136.9 
6715.4 
7321.3 

7954.9 
8616.7 
9307.1 

10027 
10776 
11553 
12966 
13208 

14082 
14991 
15933 
16912 

17927 
18980 
20072 
21205 

23382 
23604 
24872 
26190 
27559 
28983 
30462 
32002 

35271 
38818 

42674 
46922 

905.00 
1015.0 
1131.4 
1254.2 
1383.3 
1518.9 
1660.8 
1809.1 
1963.7 
2124.8 
2292.4 
2466.3 
2646.7 
2833.5 
5026.8 
3226.6 
3643.6 
4090.7 
4352.0 
5059.7 

5583.9 
6134.9 
6713.0 
7318.3 

7951.3 
8612.4 
9501.8 

10020 
10768 
11546 
12354 
13194 

14066 
14972 
15911 
16885 

17896 
18944 
20030 
21157 

22326 
23539 
24798 
26104 

27461 
28870 
30354 
31836 

35085 
38582 
42376 
46524 

1130.2 
1252.8 
1381.7 
1517.0 

1806.6 
1961.0 
2121.8 

2461.5 
2642.4 
2828.8 
30215 
3220.7 

3638.4 
4081.9 
4551.2 
5046.5 

5567.9 
6115.4 
6689.3 
7289.6 

7916.6 
8570.5 
9251.3 

9959.5 

1658.6 

2288.9 

10695 
11459 
12251 
19071 

15991 
1m 
15709 
16648 
17619 
18621 
19656 
20724 

21826 
22962 
24135 
25545 

26593 
27879 
29m 
30.575 

.%5 
56503 

39764 
43243 
46961 
50937 
55196 
59763 
64706 

1130.1 
1252.7 
198116 
1516.8 
1658.4 
1806.4 

1960.8 
2121.5 
2288.6 
2462.1 
2642.0 
2828.3 
3021.0 
3220.2 

3637.7 
4081.1 
4550.2 
5045.3 
5566.3 
6113.8 
6687.3 
7287.3 

7913.8 
8567.1 
9247.4 

9954.8 
10690 
11452 
12243 
13062 

13910 
14787 
15694 
16631 

17598 
I8597 
19629 
20692 

21’190 
22921 
24088 
25291 

26531 
27809 
29127 
30485 

33331 
36358 

39581 
43016 
46680 
50593 
54775 
59252 
64462 
69290 

1190.0 
1252.6 
1581.5 
1516.7 
1658.3 
1806.3 

1960.6 
2121.3 
2288.4 
2461.9 
2641.8 
2828.0 
9020.7 
3219.8 

3637.3 
4080.6 
4549.6 
5044.6 

5565.6 
6112.7 
6686.1 
7285.8 

7912.1 
8565.0 
9244.9 

9951.9 
10686 
11448 
12238 
13056 

13903 
14779 
154% 
16620 

17586 
18583 
19612 
20673 

21767 
22896 
24059 
25258 

26493 
27766 
29078 
30430 

33260 
36268 

39468 
42875 
46506 
50379 
54515 
58936 
63672 
68794 

1656.0 
1803.7 
1957.7 
2118.0 
2284.7 
2457.8 
2637.2 
2823.0 
3015.2 
3213.8 

3630.0 
4071.8 
4539.3 
5032.4 
5551.1 
6095.7 
6566.0 
7262.3 

7884.5 
8532.7 
9207.0 
9907.6 
10634 
11388 
12168 
12974 
13808 
14668 
15556 
16471 
17414 
18985 
19383 
20411 

21467 
22552 
23667 
24811 
25986 
27192 
28429 
29697 

32331 
35100 

38007 
41060 
44264 
47628 
51161 
54873 

58774 
62877 
67195 
,1741 
76530 
81581 

86910 
92537 
98493 
104848 

1803.6 

1957.6 
2117.9 
2284.6 
2457.7 
2637.1 
2822.9 
3015.0 
3213.5 

3629.8 
4071.5 
4538.9 
5031.9 
5550.6 
6095.1 
6665.4 
7261.5 

7883.6 
8331.6 
9205.8 

9906.2 
10633 
11386 
12165 
12972 

13805 
14665 
15552 
16467 
17409 
18379 
19377 
20404 

21459 
22543 
23656 
24800 
25973 
27177 
2841 1 
29678 

32307 
35069 

37969 
41013 
44207 
47558 
51076 
54770 
58651 
62729 
67019 
71532 
76284 
81291 

86570 
92142 
98027 
104285 
110986 

1803.5 

1957.5 
21 17.8 
2284.5 
2457.5 
2636.9 
2822.7 
3014.8 
3213.3 
3629.5 
4071.2 
4538.5 
5031.5 

5550.1 
6094.5 
66634.7 
7260.7 

7882.7 
6530.6 
9204.6 
9904.8 
10631 
11384 
12163 
12969 

13802 
14662 
15549 
16463 
17404 
18374 
19371 
20397 

21451 
22534 
23646 
24788 
25960 
27162 
28395 
29659 

32284 
35040 

57933 
4096Y 

44159 
47491 
50995 
34672 

58533 
62588 
66850 
71332 
76048 
81013 

86246 
91769 
97586 
103755 
110343 
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Table 6-55 
Y, Expansion Factors for Flange Taps, Static 
Pressure Taken From Downstream Taps [140] 

Pipe sirs, N c m i d d P u b b h e d  Imide Di.meta, in ineha 
Wi 2 3 4 

Wed 1.687 1.959 2.067 %so0 5.624 2.900 3.068 3.152 3.438 
Diameter 

0.250 
0.375 
0.500 
0.625 
0.750 
0.875 
1.000 

1.125 
1.250 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 

orifice 
Diameter 
Inehu 

0.250 
0.375 
O . . W  
0.625 
0.750 
0.875 
1.000 

1.125 
1.250 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 

3.125 

3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.750 
5.000 

5.250 
5.500 

3.250 

12.850 12.813 12.800 12.789 22.765 12.754 19.748 19.745 12 757 ~- . .. .. ~~ ~~ ~. ~~ 

29.362 29 .m 49.006 28.885 28.772 28.711 28.682 28.670 28.635 
53.713 52.817 52.482 52.090 51.594 51.354 51.244 51.197 51.065 
87.237 84.920 84.085 82.924 81.802 81.143 80.837 80.704 80.334 
32.29 126.87 124.99 122.45 120.08 118.67 118.00 117.70 116.87 
92.87 181.04 177.09 171.93 167.26 164.58 163.31 169.76 161.17 
!75.73 251.11 243.28 233.30 224.61 219.77 217.53 216.55 213.79 

W.50 342.99 327.99 309.44 993.87 285.49 281.67 280.03 275.43 
m o o  438.00 40453 377.50 363.41 357.13 m . 4 5  347.04 

583.98 524.69 478.89 455.83 445.75 441.49 429.84 
679.11 609.80 565.80 549.95 543.32 525.41 

755.89 697.45 672.96 662.83 635.77 
947.87 856.39 819.07 803.79 763.53 

1050.4 994.01 971.22 912.00 
1290.7 1205.6 1171.9 1085.5 

1465.1 1415.0 1289.7 
1532.0 
1822.9 

4 6 8 

3.826 4.026 4997 5.187 5.761 6.065 7.625 7.981 8.071 

12.723 
28.585 

12.727 
26.599 
50.937 
79.976 
116.05 
159.58 
!ll.03 

i70.91 
139.88 
L18.80 
i08.77 
i11.12 
I27.55 
160.19 
111.7 

185.4 
185.4 
i17.2 
187.7 
!06.1 

50.887 
79.837 

115.73 
158.94 
209.92 

269.10 
337.06 
414.51 
502.39 
601.81 
714.17 
841.21 
985.07 

1148.4 
1334.5 
1547.4 
1792.3 

2407.0 
2076.1) 

50.740 
79.498 

114.81 
157.11 
206.63 

263.71 
328.73 
402.07 
484.21 
575.75 
677.39 
790.00 
914.59 

1052.3 
1204.7 
1373.4 
1560.5 
1768.3 
1999.9 
2258.6 
2548.6 

2875.3 
3244.9 
3665.7 

50.703 
79.351 

114.62 
156.72 
205.92 

262.52 
326.87 
399.32 
480.26 
570.19 
669.69 
779.49 
900.39 

1033.4 
1179.6 
1340.5 
1517.3 
1712.6 
1928.1 
2166.5 
2431.0 

2725.3 
3054.0 
3422.4 
3837.6 
4308.1 

50.653 
79.219 

114.32 
156.13 
204.85 

260.72 
324.03 
395.09 
474.21 
331.74 
658.09 
763.79 
879.40 

1005.6 
1143.2 
1293.2 
1456.5 
1634.4 
1828.3 
2040.0 
2271.2 

2524.3 
2801.9 
3106.9 
3443.1 
38145 
4226.4 
4685.0 
5197.9 

50.629 
79.164 

114.20 
155.89 
204.41 

259.99 
322.87 
393.24 
471.70 
558.25 
653.34 
757.41 
870.95 

994.54 
1128.9 
1274.6 
1432.8 
1604.3 
1790.4 
1992.3 
2211.6 

2450.2 
2710.0 
2993.4 
3303.1 
3642.4 
4014.9 
4425.2 
4878.5 

155.11 
203.01 

257.62 
319.10 
387.63 
463.40 
546.62 
697.52 
196.36 
843..36 

958.80 
1063.0 
1216.3 
I!l%.2 
1512.1 
1675.4 
1849.9 
2036.1 

2234.7 
2446.6 
2672.6 
2913.7 
3171.2 
3446.1 
3739.9 
4054.3 

4751.6 
5554.8 
6485.5 
7571.6 

8850.5 

154.99 
202.80 

257.28 
318.57 
986.81 
462.20 
544.93 
653.20 
733.25 
839.31 

953.61 
1076.4 
1206.0 
1548.9 
1499.3 
1659.7 
1830.7 
2012.7 

2206.4 
24125 
2631.7 
2864.8 
3112.8 
3376.7 
3657.7 
3957.1 

4616.7 
5369.1 
6251.9 
7224.5 

8376.6 
9724.0 

154.97 
202.76 

257.20 
318.44 
986.63 
461.93 
544.54 
634.67 
732.53 
898.37 

952.40 
1074.9 
1206.1 
1346.5 
1496.4 
1656.1 
1826.3 
2007.4 

2200.0 
2404.8 
2622.4 
2853.7 
3099.6 
3361.1 
3639.3 
3935.3 

4586.7 
5328.1 
6175.4 
7148.8 

8274.2 
9565.4 
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orifax 
MrrmFter 

L C k S  

1.000 
1.123 
1.250 
1.375 
1.500 
1.625 
1.750 
1.873 
2.000 

2.125 
2.250 
2.375 
2.500 
2.623 
2.750 
2.875 
3.m 

3.195 
3.250 
3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.7% 
5.000 

5.250 
5.500 
5.750 
LODO 

6.2.50 
6.500 
6.750 
7.000 

7.250 
7.500 
7.73 
8.000 

8.250 

8.1.50 
9,000 

9.250 
9.500 
9.750 
1o.m 

10.250 
10.500 

8.500 

10 I f  16 

9362 16.01 10.136 11.374 11.958 12.090 14.W 15.000 15.450 

202.16 
256.2S 

584.50 
458.53 
539.73 
628.05 
723.63 
a 6 6  

937.31 

316.~0 

1055.8 
1182.3 
1316.9 
1460.1 
1611.8 
3772.6 
1942.6 

2122.2 
2311.8 
2511.7 
2722.5 
mM.5 
3178.4 
3424.6 
3683.9 

4244.2 
4865.6 
555.6 
6323.1 

7178.8 
81355 
9208.8 
10418 

11786 
IS344 

256.01 
316.57 
?mso 
457.80 
%a70 
626.63 
721.72 
844.14 

9.34.04 
1051.6 
1177.0 
1310.5 
1452.2 
1602.3 
1761.1 
1928.8 

21058 
2292.3 
2488.7 
2695.4 
2912.8 
3141.3 
3381.4 
3633.6 

4176.9 
47763 
5438.0 
6169.4 

6979.1 
7 m . 4  
8876.6 
9991.5 

11240 
12644 
14231 
160% 

255.96 
S16.49 
38568 
8 7 . M  
m 4 7  
626.30 
721.28 
82356 

993.29 
1050.7 
1175.8 
1.909.0 
1450.4 
1600.1 
1758.4 
1925.6 

2102.0 
2287.8 
2aq.4 
YB89.2 
29055 
5132.8 
33716 
3622.2 

4161.7 
4756.2 
541 1.6 
61.35.0 

6934.6 
7 m 2  
8803.3 
9898.0 

11121 
12493 
14038 
15790 

315.82 
389.67 
456.17 
536.40 
623.48 
717.45 
81861 

926.74 
1042.3 
1165.3 
1296.0 
1484.4 
1580.7 
1735.2 
1897.9 

m.1 
2249.0 
2437.8 
2635.8 
2843.2 
5064.3 
32875 
3525.2 

4033.1 
4581.4 
5191.9 
5851.1 

6570.1 
7334.9 
8912.4 
9150.7 

10179 
11.309 
I2532 
13925 

15446 
17135 
19021 

315.37 
389.31 
455.65 
535.67 
622.46 
716.12 
816.75 

954.46 
1039.4 
1161.7 
1291.4 
1428.8 
1373.9 
1727.0 
1888.2 

4057.6 
2235.4 
2421.9 
2617.2 
5841.6 
3035.4 
3256.8 
3492.1 

3989.6 
4530.9 
5119.1 
5757.9 

6451.7 
7405.9 
8024.4 
8915.6 

9886.4 
10946 
12103 
issn 
14763 
16295 
17986 
19861 

21948 

315.51 
382.22 
455.53 
53.5.49 
622.22 
715.79 
816.32 

m.w 
1038.7 
1160.8 
12SfJ.3 
1W.4 
1572.2 
1725.0 
1885.8 

2654.7 
2252.1 
2418.0 
2612.7 
B16.4 
.sop9.S 
3251.8 
3484.0 

9979.1 
45179 
5101.6 
5735.6 

6423.4 
7189.7 
7979.8 
8860.0 

9817.3 
10860 
11998 
13242 

14605 
16102 
17750 
19372 

21594 

453.93 
53328 
619.20 
711.75 
811.01 

917.03 
1029.9 
11 49.7 
1276.6 
1410.5 
15551.7 
1700.2 
1856.1 

2019.6 
2190.7 
2W.7  
2556.5 
2751.5 
2954.6 
31mO 
3385.8 

3851.7 
4.3335 
4893.0 
5472.1 

6092.7 
6757.2 
7468.2 
-8228.7 

9041.9 
9911.4 

10842 
11837 

12902 
14044 
15269 
16583 

17996 
19517 
21157 
22947 

24842 
26917 
29173 
31630 

84316 

455.79 
535.09 
610.94 
711.41 
810.55 

916.45 
1029.2 
1148.8 
1275.4 
1409.1 
1550.0 
18981 
1853.6 

5016.6 
2187.2 
2365.6 
2551.7 
2747.9 
2948.2 
3133.7 
3377.5 

SMl.0 
4339.9 
4875.9 
3450.6 

60M3.0 
6724.3 
7427.8 
8179.4 

8981.9 
9836.9 

10754 
11732 

12777 
13894 
15091 
16.372 

177% 
19221 
m 
22515 

24357 
26541 
48502 
50840 

39584 
36161 

532.94 
618.74 
711.14 
aio.zi 
916.01 

1028.6 
1148.1 
1574.5 
1408.0 
1548.6 
169E.5 
1851.7 

2014.4 
2184.6 
2362.5 
2548.1 
2741.7 
2943.4 
3153.2 
5371.3 

3832.9 
4329.7 
4863.0 
54.345 

6046.0 
6699.6 
7397.6 
8142.5 

8937.2 
9784.9 

10689 
11654 

12684 
13784 
14959 
16216 

37362 
190w 
20551 
22214 

24004 
25932 
28035 
30269 

32714 
35373 
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Table 6-55 
(continued) 

DmeteI 
Inches 

2.ooO 
2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 
3.125 
3.250 
3.375 
3.500 
3.625 
3.750 
3.873 
4.000 
4.250 
4.500 
4.750 
5 .m 
3.250 
5.500 
5.750 
6.000 
6.250 
6.joo 
6.750 
7.000 
7.250 
7.500 
7.750 
8 .m 

8.250 
8.500 
8.750 
9.000 
9.250 
9.500 
9.750 

10.000 
10.250 
10.500 
10.750 
11.000 
11.930 
11.500 
11.750 
12.Ooo 
12.500 
13.000 
13.503 
14.000 
14.500 
15.000 
15.500 
16.000 
16 .m 
17.000 

17.500 
18.000 
18.500 
19 .m 
19.500 
20.000 

40 24 30 

18.812 19.000 19.250 44.624 23.OOO 23.250 28.750 29.000 29.10 

806.73 806.59 806.42 
911.54 

1022.9 
1141.0 
1265.7 
1397.2 
1533.3 
1680.7 
1832.8 
1991.9 
2158.1 
2331.4 
2512.0 
2699.8 
2895.1 
3097.8 
3308.1 
3731.8 
4226.9 
4734.3 
5274.7 
5849.2 
6458.8 
7104.7 
7788.2 
8510.8 
9273.8 
LO079 
10929 
11824 
12768 
13763 
14811 
15915 
17079 
18306 
19600 

m 6 4  
?2104 
13925 
t5531 
17229 
,9026 
30928 
19944 

$5082 
37353 
$9766 
12336 
$7998 
54472 

911.37 
1022.7 
1140.7 
1265.4 
1596.8 
151.0 
1680.1 
1832.1 
1991.1 
2157.1 
2590.3 
2510.6 
2698.3 
2893.3 
3095.7 
3305.7 
3748.8 
4223.1 
4729.5 
3268.8 
5842.0 
6150.1 
7094.2 
7775.5 
8495.6 
9255.8 

10058 
10903 
11795 
12733 
13722 
14764 
15861 
17016 
18233 
19515 
Po867 
22293 
23797 
25384 
27062 
28834 
50710 
32695 
34799 
37031 
39401 
41921 
47462 
53779 

911.15 
1042.5 
1140.4 
3265.0 
1396.3 
1534.4 
1679.4 
1831.2 
1990.0 
2155.8 
2328.8 
2508.9 
2696.3 
2891.0 
5093.1 
3509.7 
3744.9 
4218.2 
4723.4 
5261.3 
5832.8 
aS3.8 
7080.6 
7759.3 

8476.2 
9232.7 

10031 
1M71 
11757 
12669 
13671 
14704 
15791 
16935 
18140 
19408 
20744 
22151 
23635 
25199 
96850 
28593 
30135 
32382 
34444 
36627 
38942 
41400 
46791 
32915 

1136.8 
1260.6 
1390.9 
1527.9 
1671.6 
1821.9 
1979.0 
2142.9 
2313.6 
2491.2 
2675.8 
2867.4 
5066.1 
3271.9 
3703.1 
4167.7 
4660.2 
5183.1 
5737.2 
6323.1 
6941 5 
7593.1 
8278.6 
8999.1 
9755.4 

10548 

11380 
12250 
13161 
14113 
15109 
16150 
17238 
18374 
19561 
20801 
22096 
23448 
24861 
26337 
27879 
29492 
31177 
32941 
54786 
36717 
40859 
4.5410 
50425 
55965 
62106 
68938 
76572 

1136.5 
1 m . 2  
13905 
1527.4 
1670.9 
1821.1 
1978.1 
2141.8 
2312.3 
2489.8 
2674.1 
2865.5 
3063.8 
3269.3 
3701.8 
4163.5 
4654.9 
5176.6 
5729.2 
6313.4 
6929.8 
7579.2 
8262.2 
8979.7 
9732.6 

10522 
11349 
12214 
13119 
14065 
15055 
16088 
17166 
18293 
19468 
20695 
21976 
23313 
24708 
26165 
27686 
29274 
30933 
32667 
34479 
36374 
40450 
44878 
49765 
55148 
61096 
67689 
7x27  
83233 

1136.3 
1260.0 
1990.2 
1527.0 
1670.5 
1820.6 
1977.5 
2141.1 
23115 
2488.8 
2673.0 
2864.2 
3062.4 
3267.7 
3699.7 
4160.8 
4651.5 
5172.4 
5724.1 
6307.2 
6952.4 
7570.3 
8251.7 
8967.3 
9718.1 

10505 
11329 
12191 
13093 
14036 
15020 
16048 
17121 
18241 
19410 
20629 
21901 
23228 
2%12 
26057 
27564 
29137 
30780 
32495 
34286 
36158 
40162 
44545 
49353 
54640 
60469 
66917 
7 m 5  
82057 

1663.7 
1821.6 
1968.0 
2130.0 
2298.6 
2473.9 

2844.4 
3039.7 
3241.8 
3666.5 
4118.7 
4598.9 
5107.3 
5644.3 
6210.4 
6806.0 
7431.5 
8087.5 
8774.3 
9493.6 

2655.~ 

10243 
11026 
11841 
12691 
13575 
14494 
15448 
16439 
17468 
18535 
19642 
20789 
21977 
23208 
24482 
25802 
27168 
28582 
30045 
31559 
33126 

36426 
39960 
43746 
47805 
52159 
56833 
61857 
67263 
75087 
79372 

86165 
93522 

101506 
llOl92 
119667 
150036 

1812.3 
1967.7 
2129.7 
2298.2 
2473.4 
2655.2 
2843.7 
3039.0 
3241.0 
9665.4 
4117.4 
4597.2 
5105.2 
3341.8 
6207.3 
6802.3 
7427.1 
8082.2 
8768.1 
9483.4 

10234 
11016 
11830 
12678 
13560 
14477 
15429 
16418 
17444 
18508 
19612 
20755 
21939 
23165 
24435 
25749 
27109 
28517 
59973 
31480 
33038 

36919 
39830 
43590 
47617 
51933 
56563 
61535 
66879 
72632 
78833 

85527 
92767 

100614 
109137 
118420 
128559 

1812.1 
1967.4 
2129.3 
2297.8 
2472.9 
2654.7 
2843.1 
3038.3 
3240.2 
3664.4 
4116.1 
4595.5 
5103.1 
5639.3 
6204.3 
6798.7 
7422.8 
8077.1 
8762.1 
9478.4 

10226 
11007 
11819 
12666 
13546 

14461 
15411 
16398 
17421 
18482 
19582 
20722 
21902 
23124 
24389 
255698 
27053 
28454 
29904 
31403 
32953 

36216 
39705 
43438 
47435 
51715 
56303 
61225 
66511 
72195 
78315 

84915 
92044 
99761 

108150 
117231 
127153 
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(text wntinutxl fiocn 808) 

The Reynolds number factor Fr accounts for the variation of the orifice 
disdmge coefficient with Reynolds number. Tables 6-56 and 6-57 show the value 
of "b' flange taps and pipe taps, respectively, in a expression for Fr: 

(6-306) 

Tables 6-56 and 6-57 have been calculated using the following average values: 
viscosity, 0.0000069 lb/ft-sec; temperature, 60"F, real gas relative density, 
SGg = 0.65, applying particularly to natural gas. If the fluid being metered has 
viscosity, temperature and SG quite different from these, the value of "b" in 
the tables may not be applicagle. However, for variation in viscosity of from 
0.0000059 to 0.0000079 lb/(ft s), in temperature from 30 to 9O"F, or in specific 
gravity of from 0.55 to 0.75, the variations in the factor F, would be well within 
the uncertainty limits. 

The expansion factor Y is a function of beta ratio, the ratio of differential 
pressure to static pressure and the ratio of specific heats (the isentropic 
exponent). Values of the expansion factor Y can be calculated using analytical 
equations [140] or can be obtained from Tables 6-58 and 6-59. Y, corresponds 
to static pressure taken from upstream taps, Yp to static pressure taken from 
downstream taps. 

The pressure base factor Fpb corrects for cases where the base (standard) 
pressure Pb in psia, at which flow is to be measured, is other than 14.73 psia. 

14.73 Fpb = - 
'b 

(6-307) 

The temperature base factor Ftb is applied where the base temperature is other 
than 60°F and is calculated by dividing the required base temperature in "R by 
5 19.67"R. 

m 
1 F, =b 

519.67 (6-308) 

The flowing temperature factor Fe is required to change from the assumed 
flowing temperature of 60°F to the actual flowing temperature Tf (OR): 

(6-309) 

The real gas relative density (or specific gravity) factor Fgr is to be applied 
to change from a real g a s  relative density of 1.0 to the real gas relative density 
Gr (or SG,) of the gas flowing. 

a5 

F, =(&) (6-310) 

(t& continued on page 826) 
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Table 6-56 
Flange Taps, “b” Values for Reynolds Number 

Factor F, Determination [140] 
Pipe Size% Nomlnd and Published hide Die!ms, in inches 

Orifice 2 3 4 

hchea 1.687 1.939 2.067 2.300 2.624 2.900 3.068 3.152 3.438 
DLsman 

0.250 
0.375 
0.500 
0.625 
0.730 
0.87.i 
1 .ooo 
1.125 
1.250 
1.375 
1.500 
1.625 
1.750 

2.000 

2.123 
2.250 
2.375 
2.500 

1.875 

0.0878 0.0911 0.0926 0.0951 0 . ~ 7 9  0.0999 n.1010 0.1014 n imn .~.... ...... ~ ~~~~ 

0.0677 0.0709 0.0725 0.0755 0.0792 0.0820 0.0856 0.0844 0.0867 
0.0562 0.0376 0.0588 0.0612 0.0647 0.0677 0.0694 0.0703 0.0730 
0.0521 0.0335 0.0506 0.0516 0.0541 0.0566 0.0583 0.0591 0.0618 
0.0537 0.0485 0.0471 0.0462 0.0470 0.0486 0.0498 0.0505 0.0528 
0.0596 0.0507 0.0477 0.0445 0.0499 0.0452 0.0439 0.0443 0.0460 
0.0678 0.0559 0.0515 0.0458 0.0417 0.0403 0.0402 0.0403 0.0411 

0.0763 0.0630 0.0574 0.0495 0.0427 0.0396 0.0386 0.0383 0.0380 
0.0826 0.0707 0.0645 0.0550 0.0457 0.0408 0.0388 0.0381 0.0365 

0.0773 0.0716 0.0614 0.0501 0.0435 0.0406 0.0394 0.0365 
0.0773 0.0679 0.0555 0.0474 0.0437 0.0420 0.0378 

0.0756 0.0613 0.0522 0.0477 0.0457 0.0402 
0.0670 0.0575 0.0524 0.0501 0.0434 
0.0718 0.0698 0.0574 0.0549 0.0474 

0.0676 0.0624 0.0598 0.0517 

0.0715 0.0669 0.0645 0.0563 
0.0706 0.0686 0.0607 

0.0649 
0.0689 

W I C e  
D h e t e r  

Inches 

0.250 
0.375 
0.500 
0.625 
0.750 
0.875 
1.000 

1.125 
1.550 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 

3.125 
3.250 
3.375 
9.500 
3.625 
3.750 
3.875 
4.000 

4.Y50 
4.500 
4.750 
.i.ooo 
5.250 
.;..io0 
5.57.; 
6.000 

4 6 6 

3 . m  4.026 4897 5.187 5.761 6.065 7.625 7.981 ami 
0.1047 
0.0894 
0.0763 
0.0653 
0.0561 
0.0487 
0,0430 

0.0388 
0.0361 
0.0.347 
0.0.%5 
0.0954 
0.0372 
0.0398 
0.0430 

0.0467 
0.0307 
0.0348 
0.0389 
0.0627 
0.0660 

0.1054 
0.0907 
0.0779 
0.0669 
0.0577 
0.0502 
0.0442 

0.0396 
0.0364 
0.0345 
0.0336 
0.0339 
0.0350 
0.0369 
0.0396 

0.0427 
0.0463 
0.0501 
0.0540 
0.0579 
0.0615 
0.0648 
0.0674 

0.0856 
0.0734 
0.0644 
0.0567 
0.0500 

0.0444 
0.0399 
0.0363 
0.0336 
0.0318 
0.0308 
0.0905 
0.0306 

0.0518 
0.0334 
0.0354 
0.0378 
0.0406 
0.0436 
0.0468 
0.0500 

0.0533 
0.0565 
0.0594 
0.0621 
0.0643 

0.0852 
0.0753 
0.0664 
0.0587 
0.0520 

0.0462 
0.0414 
0.0375 
0.0344 
0.0322 
0.0306 
0.0498 
0.0296 

0.0300 
0.0310 
0.0324 
0.0343 
0.0365 
0.0391 
0.0419 
0.0448 

0.0479 
0.0510 
0.0541 
0.0570 
0.0597 
0.0621 
0.0641 

0.0880 
0.0785 
0.0701 
0.0625 
0.0557 

0.0498 
0.0447 
0.0403 
0.0367 
0.0337 
0.0314 
0.0298 
0.0287 

0.0281 
0.0281 
0.0286 
0.0295 
0.0308 
0.0324 
0.0344 
0.0366 

0.0390 
0.0416 
0.0443 
0.0471 
0.0499 
0.0527 
0.0554 
0.0579 

0.0621 

0.0899 
0.0801 

0.0643 
0.0576 

0.0516 
0.0464 
0.0419 
0.0381 
0.0948 
0.0323 
0.0302 
0.0288 

0.0278 
0.0274 
0.0274 
0.0479 
0.0287 
11.0299 
0.0314 
0.0332 

0.0353 
0.0376 
0.0400 
0.0426 
0.0452 
0.0479 
0.0505 
0.0531 

0.0579 
0.061Y 

o.071a 
0.0723 
0.0660 

0.0602 
0.0549 
0.0501 
0.0457 
0.0418 
0.0383 
0.0353 
0.9327 

0.0304 
0.0286 
0.0271 
0.0259 
0.0251 
0.0246 
0.0244 
0.0245 

0.0248 
0.0254 
0.0263 
0.0274 
0.0986 
0.0901 
0.0317 
0.0334 

0.0372 
0.0414 
0 .M7  
0.o500 

0.0539 
0.0575 

0.0738 
0.0676 

0.0619 
0.0356 
0.0518 
0.0474 
0.0435 
0.0999 
0.0367 
0.0340 

0.0315 
0.0295 
0.0278 
0.0264 
0.0253 
0.0245 
0.0240 
0.0238 

0.0239 
0.0242 
0.0248 
0.0255 
0.0265 
0.0276 
0.0289 
0.0304 

0.0338 
0.0375 
0.0415 
0.0457 

0.0497 
0.0535 
0.0569 

0.0742 
0.0680 

0.0623 
0.0571 
0.0522 
0.0479 
0.0499 
0.0409 
0.0371 
0.0343 

0.0318 
0.0297 
0.0280 
0.0265 
0.0254 
0.0246 
0.0240 
0.0237 

0.0237 
0.0240 
0.0244 
0.0251 
0.0260 
0.0271 
0.0283 
0.0297 

0.0330 
0.0366 
0.0405 
0.0446 

0.0487 
0.0525 
0.0560 
0.0589 
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Table 6-56 
(continued) 

f ie  Sizes. Nominal md PublLhed Inmide Diameters, in inch- 
W I S e  10 12 16 

D h *  
heba 

l.m 
1.125 
1.250 
1.375 
1.500 
1.623 
1.750 
1.855 
2.000 

2.125 
2.250 
2.375 
2 . m  
2.625 
2.750 
2.875 
3.000 

3.125 
3.250 
3.375 
3.m 
3.625 
3.750 
3.875 
4.000 

4.250 
4.m 
4.750 
5.000 

5.250 
5.500 
5.750 
6.000 

~ . 2 5 n  
6.500 
6.750 
7.000 

7.250 
7.540 
7.750 
8.000 

8.250 
8.500 
8.750 
9.000 

9.250 
9.500 
9.750 

1O.WO 

10.250 
1O.XXl 

I1.000 

11.250 

1n.z.o 

9562 10.040 10.136 11.374 11.- 12.090 14.688 16.000 15.250 

0.0738 
0.0655 
0.0695 
0.0588 
0.0545 
0.0504 
0.0467 
0.0492 
0.0401 

0.0372 
0.0346 
0.0322 
0.0902 
0.0283 
0.0267 
0.0254 
0.0242 

0.0233 
0.0226 
0.0222 
0.0219 
0.0218 
0.0218 
0.0221 
0.0225 

0.02.38 
0.0236 

0.0907 

0.0337 
0.0370 
0.0404 
0.0439 

0.0473 
0.0506 
0.0536 
0.0563 

0.0280 

0.0701 
0.0652 
0.0606 
0.0563 
0.0323 
0.0485 
0.0450 
0.0418 

0.0389 
0.0362 
0.0337 
0.0315 
0.0296 
0.0278 
0.0263 
0.09jo 

0.0239 
0.0230 
0.0223 
0.0218 
0.0214 
0.0213 
0.0213 
0.0215 

0.0222 
0.0236 
0.0254 
0.0277 

0.0303 
0.0332 
0.0363 
0.0396 

0.0429 
0.0462 
0.0494 
0.0523 

0.0550 
0.0573 

0.0703 
0.0656 
0.0610 
0.0567 
0.0527 
0.0490 
0.0455 
0.0493 

0.0393 
0.0366 
0.0341 
0.0319 
0.0299 
0.0281 
0.0966 
0.0252 

0.0241 
0.0231 
0.0224 
0.0218 
0.0214 
0.0212 
0.0211 
0.0213 

0.0219 
0.0232 
0.0249 
0.0270 

0.0295 
0.0323 
0.0354 
0.0386 

0.0418 
0.0451 
0.0483 
0.0513 

0.0541 
0.0564 

0.0688 
0.0654 
0.0612 
0.0573 
0.0536 
0.0501 
0.0469 

0.0438 
0.0410 
0.0383 
0.0359 
0.0936 
0.0316 
0.0297 
0.0280 

0.0265 
0.0251 
0.0239 
0.0229 
0.02zo 
0.0213 
0.0508 
0.0204 

0.0200 
0.0201 
0.0207 
0.0217 

0.0432 
0.0249 
0.0271 
0.0294 

0.0320 
0.0348 
0.0376 
0.0406 

0.0435 
0.6964 
0.0491 
0.0517 

0.0541 
0.0561 

0.0714 
0.0671 
011691 
0.0592 
0.0555 
0.0591 
0.0488 

0.0458 
0.0429 

0.0377 
0.0354 
0.0332 
0.0315 
0.0294 

0.0278 
0.0963 
0.0250 
0.0258 
0.0228 
0.0219 
0.0214 
0.0% 

0.0198 
0.0195 
0.0190 
0.0202 

0.0211 
0.0226 
0.0243 
0.0263 

0.0285 
0.0309 
0.0335 
0.0362 

0 . o m  
0.0418 
0.0446 
0.0473 

0.0499 
0.0521 

n.0402 

n.oj44 

0.0718 
0.0676 
0.0695 
0.0597 
0.0560 
0.0526 
0.0493 

0.0463 
0.0434 
0.0407 
0.0584 
0.0358 
0.0337 
0.0917 
0.0298 

0.0282 
0.0266 
0.0253 
0.0241 
0.0230 
0.0221 
0.0213 
o.om7 

0.0198 
0.0194 
0.0194 
0.0199 

0.om 
0.0221 
0.0237 
0.0255 

0.0277 
0.0900 
0.0325 
0.0352 

0.0379 
0.0407 
0.0434 
0.0461 

0.0487 
0.0512 

0.O.ijs 
o.aw 

0.0706 
0.0670 
O.W% 
0.0604 
0.0572 

0.0542 
0.0514 
0.0487 
0.0461 
0.0496 
0.0413 
0.0590 
0.0370 

0.0.550 
0.0331 
0.0314 
0.0298 
0.0582 
0.0268 
0.0255 
0.0243 

0.0223 

0.0193 
0.0184 

0.0178 
0.0176 
0.0176 
0.0180 

0.0186 
0.0195 
0.0206 
0.0220 

0.0235 

0.0271 
0.0291 

0.0312 
0.0934 
0.0357 
O.OJ80 

0.0402 
0.0425 
0.0448 
0.0469 

0.0490 

0.0526 

o.nm 

n.0252 

o . n m  
0.0542 

0.0713 
0.0578 
0.0614 
0.0612 
o.am 
0.0551 
0.0523 
0.0495 
0.0469 
0.0443 
0.0421 
0.0399 
0.0378 

0.0358 
0.0339 
0.0324 
o.os05 
0.0290 
0.0273 
0.0262 
0.0249 

0.0228 
0.0210 
0.0196 
0.0185 

0.01m 
0.0174 
0.0174 
0.0176 

0.0181 
0.01BR 
0.0198 
0.0210 

0.0224 
0.0240 
0.0257 
0.M6 

0.0296 

0.0YI  
0.0361 

0.0317 

0.0983 
0.0406 
0.04% 
0.0450 

0.0471 
0.0491 
0.n509 
0.0526 

0.0341 

0.0684 

0.0618 
0.0587 

0.0558 
0.0529 
0.0502 
0.0476 
0.0452 
0.0428 

0.03K5 

0.03Iii 
0.0346 
0.0328 
0.0311 
0.0295 
0.0281 
0.0267 
0.0254 

0.0232 
0.0219 
0.0198 
0.0187 

0.0159 
0.0174 
0.0172 
0.0173 

0.01n 

n.wo 

0.0406 

0.0183 
n . o w  
n.ozo3 

0.02 16 

0.0247 
0.0290 

0.0264 

0.02RS 
11.0.504 
0.0325 
0.0345 

0.03M 
0.03YO 
0.0412 
0.0434 

0.04.5.5 
0.0476 
o.Ll495 
0.0513 

0.0529 



818 Production 

Table 6-56 
(continued) 

0- 
Diameter 

Inme 

2.000 
2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 
3.125 
3.250 
3.375 
3.500 
3.625 
3.730 
3.875 
4.000 
4.250 
4.500 
4.750 
5.000 
5.250 
5.500 
5.750 
6.000 
6.250 
6.500 
6.750 
7.000 
7.250 
7.500 
7.750 
8.000 
8.250 
8.500 
8.750 
9.000 
9.250 
9.500 
9.750 

10.000 
10.250 
10.500 
10.750 
11.wo 
11.250 
11.500 
11.750 
12.000 
1 2 . m  
15.000 

13.500 
14.000 
14,500 
15.000 

15.500 
16.000 

16.500 
17.000 
17.500 
18.000 
18.500 
19.wo 
19.500 
20.000 
20.500 
21.000 
21.500 

PO 24 30 

18.812 19.OOO 19.250 22.624 43.000 23.250 48.750 29.000 49.250 

0.0667 
0.0640 
0.0614 
0.0588 
0.0563 
0.0540 
0.0516 
0.0494 
0.0473 
0.0452 
0.0432 
0.0413 
0.0395 
0.0377 
0.0361 
0.0345 
0.0329 
0.0301 
0.0275 
0.0252 
0.0232 
0.0214 
0.0199 
0.0186 
0.0175 
0.0167 
0.0161 
0.0157 
0.0155 
0.0155 
0.0157 
0.0160 
0.0166 
0.0172 
0,0181 
0.0190 
0.0201 
0.0213 
0.0246 
0.0241 
0.0256 
0.0271 
0.0288 
0.0305 
0.0323 
0.0340 
0.0358 
0.0376 
0.0394 

0.0430 
0.0465 
0.0494 
0.0520 

0.0671 
0.0644 
0.0617 
0.0592 
0.0567 
0.0544 
0.0521 
0.0498 
0.0477 
0.0456 
0.0437 
0.0418 
0.0999 
0.0382 
0.0365 
0.0349 
0.0333 
0.0305 
0.0279 
0.0256 
0.0235 
0.0217 
0.0901 
0.0188 
0.0177 
0.0168 
0.0162 
0.0157 
0.0155 
0.0154 
0.0155 
0.0158 
0.0163 
0.0169 
0.0177 
0.0186 
0.0196 

0.0208 
0.0221 
0.0234 
0.0249 
0.0264 
0.0280 
0.0297 
0.0314 
0.0332 
0.0349 
0.0367 
0.0385 
0.0420 
0.0454 
0.0485 
0.0513 

0.0676 
0.0649 
0.0623 
0.0597 
0.0573 
0.0549 
0.0526 
0.0504 
0.0483 
0.0462 
0.0442 
0.0423 
0.0405 
0.0987 
0.0370 
0.0354 
0.0339 
0.0310 
0.0284 
0.0260 
0.0239 
0.0220 
0.0204 
0.0191 
0.0179 
0.0170 
0.0165 
0.0158 
0.0154 
0.0153 
0.0314 
0.0156 
0.0160 
0.0165 
0.0172 
0.0181 
0.0190 
0.0901 
0.0213 
0.0226 
0.0240 
0.0255 
0.0270 
0.0287 
0.0303 
0.0920 
0.0338 
0.0355 
0.0373 
0.0408 
0.0442 
0.0474 
0.0503 

0.0659 
0.0636 
0.0614 
0.0592 
0.0571 
0.0551 
0.0531 
0.0511 
0.0492 
0.0474 
0.0457 
0.0439 
0.0423 
0.0407 
0.0376 
0.0348 
0.0322 
0.0297 
0.0275 
0.0254 
0.0236 
0.0219 
0.0204 
0.0191 
0.0179 
0.0169 
0.0161 
0.0154 
0.0148 
0.0145 
0.0142 
0.0141 
0.0141 
0.0143 
0.0146 
0.0150 
0.0155 
0.0161 
0.0168 
0.0176 
0.0185 
0.0195 
0.0205 
0.0216 
0.0228 
0.0241 
0.0268 
0.0996 
0.0326 
0.0356 
0.0386 
0.0435 
0.0444 
0.0470 
0.0494 

0.0665 
0.0642 
0.0620 
0.0599 
0.0578 
0.0557 
0.0538 
0.0518 
0.0500 
0.0481 
0.0464 
0.0447 
O.CW.4 
0.0414 
0.0383 
0.0855 
0.0328 
0.0504 
0.0281 
0.0260 
0.0241 
0.0224 
0.0209 
0.0195 
0.0183 
0.0172 
0.0163 
0.0156 
0.0150 
0.0145 
0.0142 
0.0140 
0.0140 
0.0141 
0.0143 
0.0146 
0.0150 
0.0155 
0.0162 
0.0169 
0.0177 
O.018fi 
0.0196 
0.0207 
0.0218 
0.0230 
0.0255 
0.0985 
0.031 1 
0.0341 

0.0370 
0.0400 
0.0429 
0.0456 
0.0481 
0.0503 

0.0669 
0.0646 
0.0644 
0.0603 
0.0582 
0.0562 
0.0542 
0.0523 
0.0504 
0.0486 
0.0468 
0.0451 
0.0435 
0.0419 
0.0388 
0.0359 
0.0353 
0.0308 
0.0285 
0.0264 
0.0245 
0.0228 
0.0912 
0.0198 
0.0185 
0.0174 
0.0165 
0.0157 
0.0151 
0.0146 
0.0142 
0.0140 
0.0139 
0.0140 
0.0141 
0.0144 
0.0147 
0.0152 
0.0158 
0.0165 
0.0173 
0.0181 
0.0191 
0.0201 
0.0211 
0.0223 
0.0448 
0.0274 
0.0302 
0.0331 
0.0361 
0.0390 
0.0418 
0.0446 
0.0472 
0.0495 

0.0664 
0.0645 
0.0627 
0.0610 
0.0592 
0.0575 
0.0559 
0.0542 
0.0526 
0.0511 
0.0481 
0.0452 
0.0425 
0.0399 
0.0374 
0.0851 
0.0329 
0.0308 
0.0269 
0.0270 
0.0253 
0.0237 
0.0223 
0.0209 
0.0197 
0.0185 
0.0175 
0.0165 
0.015f 
0.0150 
0.0144 
0.0138 
0.0134 
0.0130 
0.0128 
0.0126 
0.0125 
0.0125 
0.0126 
0.0127 
0.0130 
0.0135 
0.0141 
0.0151 

0.0164 
0.0179 
0.0197 
0.0215 
0.0236 
0.0257 
0.0280 
0.0903 
0.0327 
0.0351 
0.0375 
0.0398 
0.0421 
0.0443 
0.0463 
0.0482 

0.0649 
0.0631 
0.0613 
0.0596 
0.0579 
0.0562 
0.0546 
0.0530 
0.0515 
0.0485 
0.0436 
0.0429 
0.0403 
0.0378 
0.0355 
0.0333 
0.0312 
0.0292 
0.0274 
0.0257 
0.0241 
0.0226 
0.0212 
0.0199 
0.0187 
0.0177 
0.01fi7 
0.0159 
0.0151 
0.0145 
0.0139 
0.0135 
0.0131 
0.0128 
0.0126 
0.0155 
0.0125 
0.0125 
0.0126 
0.0128 
0.0131 
0.0138 
0.0148 
0.0161 
0.0175 
0.0194 
0.0210 
0.0290 
0.0251 
0.U473 
0.0296 
0.0319 
0.0343 
0.0366 
0.0390 
0.0413 
0.0435 
0.0455 
0.0475 
0.0492 

0.0652 
0.0634 
0.0616 
0.0599 
0.0582 
0.0566 
0.0550 
0.0534 
0.0518 
0.0688 
0.0460 
0.0432 
0.0407 
0.0382 
0.0559 
0.0336 
0.0315 
0.0296 
0.0277 
0.0260 
0.0244 
0.0229 
0.0215 
0.0202 
0.0190 
0.0179 
0.0170 
0.0161 
0.0153 
0.0146 
0.0141 
0.0136 
0.0132 
0.0128 
0.0126 
0.0125 
0.0124 
0.0124 
0.0125 
0.0127 
0.0129 
0.0136 
0.0145 
0.0157 
0.0171 
0.0187 
0.0205 
0.0224 
0.0244 
0.0266 
0.0288 
0.0312 
0.0355 
0.0358 
0.0382 
0.0405 
0.0427 
0.0448 
0.0468 
0.0486 
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0.250 
0.375 
0,500 
0.fiz.i 

Table 6-57 
Pipe Taps. Basic Orifice Factors, Fh 11401 

0.1106 0.1091 0.1087 0.1081 0.1078 0.1078 0.1079 0.1079 0.1081 
0,0890 0.0878 0.0877 0.0879 0.0888 0.0898 0.0905 0,0908 0.0918 
0.0758 0.0734 0.0729 0.0728 0.0737 0.0750 0.0758 0.0763 0.0778 
0.01594 0.0647 0.06% 0.0624 0.0624 0.0654 0.0642 0.0646 0.0662 

Pine S i  Nolllhul dPublhbedIndde M.wrss in iarhes 

3.625 
1.750 
1.873 
2.000 

0.0599 0.0482 0.0450 0.0435 0.0392 

~ ~ ~.~~ ~ ~~-~ ~ ~~~~ ~ ~~~- ..... ~ 

0.750 0.0676 0.0608 0.0586 0.0559 0.0516 0.0548 0.0552 0.0555 0.0568 
0.875 0.0684 0.0602 0.0570 0.0528 0.0497 0.0488 0.0488 0.0489 0.0496 
1.000 0.0702 0.0614 0.0576 0.0522 0.0473 0.0452 0.0445 0.0443 0.0443 

0.0554 0.0504 0.0471 0.0456 0.0408 
0.0521 0.0492 0.0477 0.0427 
0.0532 0.0508 0.0495 0,0448 

2.125 
2.250 
2.375 

0.0519 0.0509 0.0467 
0.M3 
0.0494 

Orifice 
DiIiUleW 

Inehem 

0.250 
0.375 
0.500 
0.625 
0.750 
0.875 
1.000 

1.125 
1.250 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 

3.125 
3.250 
3.375 
3.500 
3.625 
3.750 
5.875 
4.000 

4.250 
4.500 
4.750 
5.000 

5.250 
5.500 

4 6 8 

3.826 4.056 4.897 5.187 5.761 6.065 7.625 7.981 8.071 

0.1084 
0.0932 
0.0800 
0.06R5 

0.0513 
0.0453 

0.0408 
0.0376 
0.033 
0 . o m  
0 . o m  
0.0359 
0.0372 
0.0388 

0.0407 
0.0427 
0.0445 
0.0461 
0.0472 

0.0590 

0.1085 
0.0939 
0.0810 
0.0697 
0.0602 
0.0524 
0.0461 

0.0412 
0.0377 
0.0353 
0.0341 
0.0336 
0.0340 
0.0549 
0.0363 

0.0380 
0.0398 
0.0417 
0.0435 
0.0450 
0.0462 

0.0850 
0.0747 
0.0655 
0.0575 
0.0506 

0.0448 
0.0401 
0.0563 
0.0334 
0.0313 
0.0300 
0.0293 
0.0299 

0.0297 
0.0905 
0.0316 
0.0330 
0.0345 
0.0562 
0.0379 
0,0395 

0.0410 
0.0422 
0.0433 

0.0862 
0,0762 
0.0672 
0.0592 
0.0523 

0.0464 
0.0414 
0.0373 
0.0341 
0.0315 
0.0298 
0.0287 
0.0981 

0.0281 
0.0285 
0.0293 

0.0317 
0.0332 
0.0348 
0.0364 

0.0380 
0.0394 
0.6108 
0.0419 
0.042u 

0.0304 

0.0883 
0.0789 
0.0703 
0.0625 
0.0556 

0.0495 
0.0442 
0.0397 
0.0360 
0.032?l 
0.0304 
0.0285 
0.0273 

0.0265 
0.0261 
0.0262 
0.0267 
0.0274 
0.0284 
0.0295 
0.0306 

0.0323 
0.0358 
0.0353 
0.0367 
0.0381 
0.03Y3 
0.0404 
0.0413 

0.0893 
0.0802 
0.0719 
0.0649 
0.0573 

0.0512 
0.0458 
0.0412 
0.0372 
0.0339 
0.0311 
0.0290 
0.0273 

0.0262 
0.0256 
0.0253 
0.0254 
0.0258 
0.0265 
0.0274 
0.0285 

0.0297 
0.0311 
0.0325 
0.0339 
0.0354 
0.0367 
0.0580 
0.0391 

0.0716 
0.0652 

0.0593 
0.0538 
0.0489 
0.0445 
0.0405 
0.0369 
0.0338 
0.0311 

0.0288 
0.0268 
0.0252 
0.0239 
0.0230 
0.0224 
0.0220 
0.0919 

0.0220 
0.0223 
0.0228 
0.0235 
0.0243 
0.0252 
0.0262 
0.0273 

0.0297 
0.0321 
0.0344 
0.0364 

0.0381 

0.0730 
0.0668 

o.om9 
0.0555 
0.0506 
0.0462 
0.0421 
0.0384 
0.0352 
0.0323 

0.0299 
0.0277 
0.0259 
0.0244 
0.0232 
0.0224 

0.0214 

0.0213 
0.0214 
0.0217 
0.0221 
0.0227 
0.0234 
0.0243 
0.0252 

0.0273 
0.0296 
0.0320 

0.0218 

0.0342 

0.0361 
0.0377 

0.07.54 
0.0672 

0.0613 
0.0560 
0.0511 
0.0466 
0.0425 
0.0388 
0.0955 
0.0327 

0.0301 
0.0280 
0.0261 
0.0246 
0.0233 
0.0224 
0.0218 
0.0513 

0.0911 
0.0212 
0.0214 
0.0218 
0.0224 
0.0230 
0.023H 
0.0248 

0.0268 
0.0290 
0.0314 
0.0336 

0.0356 
0.0573 



56600 
92600 

51600 
W S O O  
26z00 
08200 

19200 
6CWO 
OPWO 
12WO 

PIZOO 
2OZOO 
1610'0 
I8100 

ZLIOO 
P9100 
65100 
PPI00  

65100 
65100 
95100 
29100 

11100 
68100 
86100 
LIZ00  

op200 
E200 
L9WO 
18WO 
L W O  
PI600 
66600 
25600 
U600 

P6600 
L I W ' O  
IW00 
99PO'O 
26P00 
61500 
8PP00 

8L500 
0190'0 
2W00 
91900 

IPS00  
66600 

62600 
ZI600 
IO600 
88200 

9L200 
29200 
#ZOO 
%WO 

ZZWO 
60WO 
8610'0 
L8100 

11100 
69100 
z9100 
15100 

PI100 
PPI00  
95100 
19100 

89100 
08100 
E 1 0 0  
61200 

%WO 
LPWO 
1920'0 
51WO 
I6Z00 
80600 
92600 
5P600 
59600 

18600 
6OPO'O 
€€PO0 
85t0O 
58P00 
21500 
IF500 

ILF00 
60900 
96900 
01900 
m100 

I W O  

26600 
ZZS00 
11600 
66200 

98200 
SL200 
09200 
9PZ00 

2620'0 
6120'0 
90200 
F6100 

p8100 
51100 
19100 
19100 

LC100 
55100 
9c100 
09100 

59100 
91100 
06100 
LO200 

82200 
OPz00 
P5200 
89200 
68200 
00600 
1 I600 
96600 
95600 

8LS00 
OOPOO 
PZWO 
W O  
51W'O 
W D O  
26WO 

60'0 
5650'0 
8290'0 
W O  
16900 

pPs00 

Z6600 
81600 
WS00 
mmo 

2120'0 
95Z00 
OP200 
PZZOO 

01200 
L6100 
98100 
81100 

2L100 
01100 
11100 
LL100 

18100 
96100 
20200 
21200 
62200 
STZOO 
#ZOO 
WWO 
18WO 

00600 
02600 
2P600 
99600 
26600 
61P00 
6 W O  

08WO 
SI500 
8EOO 
W O O  
F2900 
99900 
80100 

M O O  

86so'O 
52600 
01600 
5620'0 

61200 
29200 
9P200 
osz00 

51200 
zoz00 
06100 
I8100 

5L100 
11100 
21 I00 
91 I00 

58100 
Z6100 
oOZ00 
60200 
0220.0 
Z6M)'O 
* W O  
09WO 
UWO 

5620'0 
91600 
16600 
19600 
LE600 
PIP00 
6 W O  

51P00 
8WOO 
SpliD'O 
08500 
02900 
19900 
POL00 

Lp600 
Ps60'0 
OZWO 

p060'0 
8820'0 
OLWO 
6 5 W O  

96200 
12200 
LOZOO 
56100 

58100 
81100 
51100 
9LI00 

28100 
18100 
66100 
00200 
01200 
OZz00 
26200 
w200 
2920'0 

W O  
8620.0 
61600 
Zp600 
L9WO 
P6600 
62P00 

P5W'O 
88M)'O 
SZ500 
19500 
IO900 
St400 
18900 

6%00 
9p600 
I6600 
PI600 

56200 
9LZ00 
L5Z00 
66200 

62200 
80200 
16100 
68100 

98100 
98100 
88100 
16100 
96100 
243200 
01200 
0220.0 
SWO 

WWO 
6920.0 
I8WO 
10600 
P2600 
6P600 
LL600 

L o w 0  
OPP00 
9LPOO 
PIW'O 
BPP'O 
66500 
I IWO'O 
56900 

69600 
IW00 
96600 
OZWO 

XI600 
18WO 
69WO 
5P200 

8Z200 
21200 
00200 
26100 

L8100 
18100 
88100 
16100 
56100 
10200 
M)200 
8IZ00 
06200 

WZ00 
09100 
11200 
86200 
02600 
5pso'O 
SLWO 

6 W O  
96P00 
ILPOO 
60500 
05P00 
P6500 
IW00  
16900 

85600 
6P600 

9Z600 
LO600 
L820O 
L9.300 

8PZ00 
osz00 
CI200 
60200 

56100 
66100 
26100 
66100 
F6100 
66100 
F W O  
2120'0 
ZZWO 

P6WO 
%ZOO 
59200 
68200 
5060'0 
6Z600 
55600 

58600 
LIP00 
25f0O 
06WO 
I S C O O  
9LC00 
P290O 

OOF'OI 
05K01 

ooo'O1 
05.L.6 
0056 
052'6 

0006 
05l.8 
O O W  
OE28 

0008 
05L'L 
0051 
On'L 

ooo'l 
Kl.9 
W 9  
KZ.9 

ooo'9 
05l.5 
0055 
052'5 

0005 
O5l.P 
OO5P 
O W +  

OOOP 
518'6 
05l.S 
5296 
005.6 
CL"6 
OF2'6 
CXI'S 
0006 

SLB'Z 
Nl.2 
5292 
wz 
C K Z  
052'2 
521'2 

0002 
518'1 
OPL'I 
5Z91 
0051 
5LKI 
052'1 
521'1 
0001 

4- 
WYPO 

- 
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Table 6-57 
(continued) 

Pipe Sheq Nominal md Publhhed ldde Diameters, in inches 
orifice 

Diameter 
Ill&= 

2.000 
2.125 
2.250 
2.375 
2.500 
2.625 
2.750 
2.875 
3.000 

3.125 
3.230 
3.375 
3.500 
3.625 
3.750 
3.875 
4.000 

4.250 
4.500 
4.750 
5.000 

5.250 
5.500 
5.750 
6.000 

6.250 
6.500 
6.750 
7.000 

7.250 
7.500 

8.000 

8.250 
8.500 
8.750 
9.000 

9.250 
9.500 
9.750 

10.000 

10.%50 
10.500 
10.750 
11.000 

11.250 
11.500 
11.750 
1 2 . m  

12.500 
13.m 

13.500 
14.000 

14.500 
15.000 

15.500 
16.000 

16.500 
17.000 

17.500 
18.000 

1R.500 
19.000 

19.300 
20.000 

7.756 

20 24 30 

18.812 19.000 19.250 22.694 55.000 13.550 28.750 29.000 29.150 

0.0663 
0.0635 
0.0609 
0.0583 
0.0558 
0.0534 
0.0510 
0.0488 
0.0466 

0.0445 
0.0425 
0.0406 
0.0387 
0.0369 
0.0332 
0.0336 
0.0320 

0.0291 
0.0265 
0.0242 
0.0221 

0.0203 
0.0lea 
0.0175 
0.0164 

0.0155 
0.0148 
0.0144 
0.0141 

0.0140 
0.0140 
0.0143 
0.0146 

0.0151 
0.0157 
0.0163 
0.0171 

0.0180 
0.0189 
0.0198 
0.0209 

0.0219 
0.0290 
0.0241 
0.0252 

0.0263 
0.0273 
0.0284 
0.0293 

0.0312 
0.0327 

0.0667 
0.0699 
0.0613 
0.0588 
0.0562 
0.0538 
0.0515 
0.0492 
0.0470 

0.0449 
0.0429 
0.0410 
0.0391 
0.0373 
0.0356 
0.0340 
0.0324 

0.0295 
0.0269 
0.0246 
0.0225 

0.0206 
0.0190 
0.0177 
0,0165 

0.0136 
0.0149 
0.0144 
0.0141 

0.0140 
0.0140 
0.0141 
0.0144 

0.0149 
0.0154 
0.0160 
0.0168 

0.0176 
0.0185 
0.0194 
0.0204 

0.0214 
0.0225 
0.0236 
0.0247 

0.0258 
0.0268 
0.0278 
0.0288 

0.0307 
0.0.523 

0.0672 
0.0645 
0.061R 
0.0595 
0.0568 
0.0544 
0.0520 
0.04YR 
0.0476 

0.0455 
0.0435 
0.0416 
0.0397 
0.0379 
0.0362 
0.0346 
0.03.50 

0.0301 
0.0274 
0.0250 
0.0229 

0.0210 
0.0194 
0.0180 
0.0168 

0.0158 
0.0151 
0.0145 
0.0141 

0.0139 
0.0139 
0.0140 
0.0142 

0.0146 
0.0151 
0.0157 
0.0163 

0.0171 
0.0180 
0.0189 
0.0198 

0.0208 
0.0219 
0.0229 
0.0240 

0.0231 
0.0261 
0.0272 
0.0282 

0.0301 
0.0518 

0.0658 
0.0635 
0.0613 
0.0591 
0.0570 
0.0549 

0.0529 
0.0309 
0.0490 
0.0471 
0.0453 
0.0436 
0.0419 
0.0403 

0.0372 
0.0343 
0.0316 
0.0299 

0.0269 
0.0248 
0.0230 
0.0213 

0.0197 
0.0184 
0.0172 
0.0162 

0.0153 
0.0146 
0.0140 
0.0136 

0.0139 
0.0132 
0.0131 
0.0131 

0.0133 
0.0136 
0.0159 
0.0143 

0.0149 
0.0154 
0.0161 
0.0168 

0.0175 
0.0183 
0.0191 
0.0200 

0.0218 
0.0236 

0.0255 
0.0272 

0.0289 
0.0904 

0.0318 

0.066j 
0.0642 
0.0620 
0.0598 
0.0577 
0.0556 

0.0536 
0.0.517 
0.0497 
0.0479 
0.0461 
0.0444 
0.0427 
0.0411 

0.0380 
0.0351 
0.0324 
0.0299 

0.0276 
0.0255 
0.0236 
0.0218 

0.0203 

0.0176 
0.0166 

0.0156 
0.0149 
0.0142 
0.0138 

0.0134 
0.0132 
0.0130 
0.0130 

0.0131 
0.0133 
0.0136 
0.0140 

0.0144 
0.0150 
0.0155 
0.0162 

0.016Y 
0.0176 
0.0184 
0.0192 

0.0210 
0.0228 

0.0246 
0.0264 

0.0980 
0.0296 

0.0311 
0.0323 

o . o m  

0.0669 
0.0646 
0.0624 
0.0603 
0.0582 
0.0561 

0.0541 
0.0521 
0.0502 
0.04R4 
0.0466 
0.0449 
0.0432 
0.0416 

0.0385 
0.0356 
0.0329 
0.0303 

0.0280 
0.0259 
0.0240 
0.0222 

0.0206 
0.0192 
0.0179 
0.0168 

0.0159 
0.0150 
0.0144 
0.0139 

0.01% 
0.0132 
0.0130 
0.0130 

0.0190 
0.0132 
0.0134 
0.0138 

0.0142 
0.0147 
0.0152 
0.0158 

0.0165 
0.0172 
0.0180 
0.0188 

0.0205 
0.0222 

0.0240 
o.wm 
0.0275 
0.0291 

0.0306 
0.0319 

0.0669 
0.0650 

O.O&X? 
0.0615 
0.0597 
0.0580 
0.0563 
0.0547 
0.0530 
0.0515 

0.0484 
0.0455 
0.0427 
0.0401 

0.0376 
0.0552 
0.0330 
0.0309 

0.0289 
0.0271 
0.0253 
0.0237 

0.0223 
0.0209 
0.0196 
0.0185 

0.0174 
0.0165 
0.0156 
0.0149 

0.0142 
0.0137 
0.0132 
0.0129 

0.0156 
0.0123 
0.0122 
0.0121 

0.0121 
0.0124 
0.0124 
0.0196 

0.0131 
0.0139 

0.0148 
0.0159 

0.0172 
0.01H.5 

0.0199 
0.0213 

0.0228 
0.0242 

0.0057 
0.0270 

0.0283 
0.0296 

0.0307 
0.0317 

0.0654 

0.0636 
0.0618 
0.0601 
0.0584 
0.0567 
0.0551 
0.0554 
0.0519 

0.0488 
0.0459 
0.0431 
0.0405 

0.0380 
0.0356 
0.0334 
0.0313 

0.0293 
0.0274 
0.0257 
0.0241 

0.0206 
0.0212 
0.0199 
0.0187 

0.0177 
0.0167 
0.0158 
0.0151 

0.0144 
0.0138 
(1.0133 
0.0129 

0.0126 
0.0124 
0.0122 
0.0121 

0.0121 
0.0122 
0.0123 
0.0124 

0.01.50 
0.0137 

0.0146 
0.0156 

0.01fffl 
0.0181 

0.0194 
0.0209 

0.0223 
0.0238 

(1.0252 
O.OPfi6 

0.0279 
u.0292 

0.0303 
0.0313 

0.k17 

o.w.99 
0.0622 
0.0604 
0.0587 
0.0571 
0.0554 
0.0538 
0.0523 

0.0492 
0.0463 
0.0435 
0.n409 

0.0384 
0.0360 
0.0338 
0.0317 

0.0297 
0.0278 
0.0261 
0.0244 

0.0229 
0.0213 
0.0202 
0.0190 

0.0179 
0.0170 
0.0161 
0.0153 

0.0146 
0.0140 
0.013.5 
0.0130 

0.0127 
0.0124 
0.0122 
0.0121 

0.0121 
0.0121 
0.0122 
0.0123 

0.0128 
0.0135 

0.0143 
0.0153 

0.0165 
0.0177 

0.0191 
0.0205 

Il.0219 
0.0233 

0.024R 
0.0261 

0.0275 
0.02RR 

0.0299 
0.0310 
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Table 8-58 
Y, Expansion Factors for Flange Taps, Static 
Pressure Taken from Upstream Taps [la] 

B = O  
.I .Z .3 .4 .45 .50 5 2  .54 .56 .58 .60 .61 .62 

0.0 1.ooo 1.000 1.000 1.000 1.000 1.000 1.000 1.000 1.000 1.000 1.000 l.m l.m 
0.1 0.9989 0,9989 0,9989 0.9988 0.9988 0.9988 0.9988 0.9988 0.9988 0.9988 0.9987 0.9987 0.9987 
0.2 0.9977 0.9977 0.9977 0.9977 0.9976 0.9976 0.9976 0.9976 0.9975 0.9975 0.9975 0.9975 0.9974 
0.3 0.9966 0.9966 0.9966 0.9965 0 . W  0.9964 0.9964 0.9963 0.9963 0.9963 0.9962 0.9962 0.9962 
0.4 0.9954 0.9954 0.9954 0.9953 0.9953 0.9952 0.9952 0,9951 0.9951 0.9950 0.9949 0.9949 0.9949 
0.5 0.9943 0.9943 0.9943 0.Y942 0.9941 0.9940 0.9940 0.9939 0.9958 0.9938 0.Y937 0.9936 0.9936 
0.6 
0.7 
0.8 
0.9 
1 .o 
1.1 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 
2.0 
2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 
2.8 
2.9 
3.0 
3.1 
3.2 
3.3 
3.4 
3.5 
3.6 
3.7 
3.8 
3.9 
4.0 

0.9932 
0.9920 
0.9909 
0.9898 
0.9886 
0.9875 
0.9863 
0.Y852 
0.9841 
0.9829 
0.9818 
0.9806 
0.9795 
0.9784 
0.9772 
0.9761 
0.9750 
0.9738 
0.9727 
0.9715 
0.9704 
0.9693 
0.9681 
0.9670 
0.Y658 
0.9647 
0.9636 
0.9624 
0.9613 
0.9609 
0.9590 
0.9579 
0.9567 
0.9556 
0.9543 

0.9932 
0.9990 
0.9909 
0.9897 
0.9886 
0.9875 
0.9863 
0.9852 
0.9840 
0.9829 
0.9818 
0,9806 
0.9795 
0.9783 
0.9772 
0.9761 
0.9749 
0.9738 
0.9726 
0.9715 
0.9704 
0.9699 
0.9681 
0.9669 
0.9658 
0.9647 
0.9635 
0.9624 
0.9612 
0.9601 
0.9590 
0.9578 
0.9567 
0.9555 
0.9544 

0.9931 
0.9990 
0.9908 
0.9897 
0.9663 
0.9874 
0.9862 
0.9851 
0.9840 
0.9828 
0.9817 
0.9805 
0.9794 
0.9782 
0.9771 
0.9759 
0.9748 
0.9736 
0.9725 
0.9713 
0.9732 
0.9691 
0.9679 
0.9668 
0.9656 
0.9645 
0.9633 
0.9622 
0.9610 
0.9599 
0.9587 
0.9576 
0.9564 
0.9555 
0.9542 

0.9930 
0.9919 
0.9907 
0.9895 
0.9884 
0.9872 
0.98M) 
0.9849 
0.9837 
0.9826 
0.9814 
0.9805 
0.9791 
0.9779 
0.9767 
0.9756 
0.9744 
0.9732 
0.9721 
0.9709 
0.9698 
0.9686 
0.9674 
0.9665 
0.9651 
0.9659 
0.9628 
0.9616 
0.9604 
0.9593 
0.9581 
0.9570 
0.9558 
0.9546 
0.9536 

0.998 
0.9918 
0.9906 
0.9894 
0.9882 
0.9870 
0.9859 
0.9847 
0.9835 
0.9823 
0.9811 
0.9800 
0.9788 
0.9776 
0.9764 
0.9753 
0.9741 
0.9729 
0.9717 
0.9705 
0.9694 
0.9682 
0.9670 
0.9658 
0.9647 
0.9695 
0.9623 
0.9611 
0.9599 
0.9588 
0.9576 
0.9564 
0.9.552 
0.9540 
0.9529 

0.9928 
0.9916 
0.9904 
0.9899 
0.9880 
0.9868 
O.YE.56 
0.9844 
0.9832 
0.9820 
0.9808 
0.9796 
0.9784 
0.9772 
0.9760 
0.9748 
0.9736 
0.9724 
0.9712 
0.9700 
0.9688 
0.9676 
0.9664 
0.9632 
0.9640 
0.961 
0.9616 
0.9604 
0.9592 
0.9580 
0.9568 
0.9556 
0.9544 
0.9532 
0.9520 

0.9997 
0.9915 
0.9903 
0.9891 
0.9879 
0.9867 
0.9855 
0.9843 
0.9831 
0.9819 
0.9806 
0.9794 
0.9782 
0.9770 
0.9758 
0.9746 
0.9734 
0.9722 
0.9710 
0.9698 
0.9686 
0.9673 
0.9661 
0.9649 
0.9637 
0.9625 
0.9613 
0.9601 
0.9589 
0.9577 
0.9565 
0.9553 
0.9540 
0.9528 
0.9516 

0.9927 
0.9915 
0.9902 
0,9890 
0.9878 
0.9866 
0.9853 
0.9841 
0.9829 
0.9817 
0.9805 
0.9794 
0.9780 
0.9768 
0.9756 
0.9744 
0.9731 
0.9719 
0.9707 
0.9695 
0.9683 
0.9670 
0.9658 
0.9646 
0.9634 
0.9622 
0.9609 
0.9597 
0.95% 
0.9573 
0.9560 
0.9548 
0.9536 
0.9324 
0.9512 

0.9926 
0.9914 
0.9901 
0.9889 
0.9877 
0.9864 
0.9852 
0.9840 
0.9827 
0.9815 
0.9803 
0.9790 
0.9778 
0.9766 
0.9753 
0.9741 
0.9729 
0.9716 
0.9704 
0.9692 
0.9679 
0.9667 
0.9654 
0.9644 
0.9630 
0.9617 
0.9605 
0.9593 
0.9580 
0.9568 
0.9556 
0.9543 
0.9531 
0.9519 
0.9506 

0.9925 0.9924 
0.9913 0.9919 
0.9900 0.9899 
0.9888 0.9886 
0.9875 0.9874 
0.9863 0.9861 
0.9850 0.9848 
0.9858 0.9836 
0.9825 0.9823 
0.9813 0.9810 
0.9800 0.9798 
0.9788 0.9785 
0.9775 0.9772 
0.9763 0.9760 
0.9750 0.9747 
0.9738 0.9734 
0.9725 0.9722 
0.9713 0.9709 
0.9700 0.9697 
0.9688 0.9684 
0.9675 0.9671 
0.9663 0.9659 
0.9650 0.9646 
0.9698 0.9633 
0.9656 0.9621 
0.9613 0.9608 
0.9601 0.9593 
0.9588 0.9583 
0.9576 0.9570 
0.9563 0.9558 
0.9551 0.9545 
0.9598 0.9532 
0.9526 0.9520 
0.9519 0.9507 
0.9501 0.9494 

0.9924 
0.9911 
0.9898 
0.9885 
0.9873 
0.9860 
0.9847 
0.9835 
0.9822 
0,9809 
0.9796 
0.9784 
0.9771 
0.9733 
0.9745 
0.9733 
0.9720 
0.9707 
0.9694 
0.9682 
0.9669 
0.9656 
0.9644 
0.9631 
0.9618 
0.9605 
0.9593 
0.9580 
0.9567 
0.9554 
0.9542 
0.9529 
0.9516 
0.9504 
0.9491 

0.9923 
0.9910 
0.9897 
0.9885 
0.9872 
0.9859 
0.9846 
0.9833 
0.9821 
0.9808 
0.9795 
0.9782 
0.9769 
0.9756 
0.9744 
0.9731 
0.9718 
0.9705 
0.9692 
0.9680 
0.9667 
0.9654 
0.9641 
0.9628 
0.9615 
0.9603 
0.9590 
0.9577 
0.9564 
0.9551 
0.95% 
0.9526 
0.9513 
0.9500 
0.9487 

B = d D  
%% .ti3 .64 .65 .66 .67 .63 .ti9 .70 .71 .?Z 3 3  .74 .75 
0.0 1.000 l.m 1.m l.m 1.000 l.m 1.m 1.000 1.000 1.000 l.m 1.000 1,000 
0.1 0.9987 0.9987 0.9987 0.9987 0.9987 0.9987 0.9986 0.9986 0.9986 0.9986 0.9986 0.9986 0,9986 
0.2 0.9974 0.9974 0.9974 0.9974 0.9973 0.9973 0.9973 0.9973 0.9972 0.9972 0.9972 0.9971 0.9971 
0.3 0.9961 0.9961 0.9961 0.9960 0.9960 0.9960 0.9959 0.9959 0.9958 0.9958 0.9958 0.9957 0.9957 
0.4 0.9948 0.9948 0.9948 0.9947 0.9947 0.9946 0.9946 0,9945 0.9945 0,9944 0.9943 0.9943 0.9942 
0.5 0.9935 0.9935 0.9934 0.9934 0.9933 0.9933 0.9932 0.9991 0.9931 0.9930 0.9999 0.9Y29 0,9928 
0.6 
0.7 
0.8 
0.9 
1.0 
1.1 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 
2.0 
2.1 
4.2 
2.3 
2.4 
2.5 
4.6 
2.7 
2.8 
2.9 
3.0 
3.1 
3.2 
3.3 
3.4 
3.5 
3.6 
3.7 
3.8 
3.9 
4.0 

0.9923 0,9922 
0.9910 0.9909 
0.9897 0.9896 
0.9884 0.9883 
0.9871 0.9870 
0.9858 0.9857 
0.9845 0.9844 
0.9832 0.9831 
0.9819 0.9818 
0.Y806 0.9805 
0.9793 0,9794 
0.9780 0.Y77Y 
0.9768 0.9766 
0.9755 0.9753 
0.9742 0.9740 
0.9729 0.9797 
0.9716 0.9714 
0.9703 0.9701 
0.9690 0.9688 
0.9677 0.967.5 
0.9664 0.9662 
O.%il 0.9649 
0.9638 0.9636 
0.962.5 0.9623 
0.9613 0.9610 
0.9600 0.9597 
0.Y587 0.9584 
0.9574 0.Y571 
0.9361 0.9558 
0.9548 0.9545 
0.Y535 0.9532 
0.9552 0.9518 
0.9509 0.9505 
0.9496 0.9492 
0.9483 0.9479 

0.9921 
0.9908 
0.9895 
0.9882 
0.9869 
0.9856 
0.9843 
0.9829 
0,9816 
0,9803 
0.9790 
0.9777 
0.9764 
0.9751 
0.9738 
0.9725 
0.9711 
0.9698 
0.96% 
0.9672 
0.965Y 
0.9646 
0.Y639 
0.Y620 
0.9606 
0.Y593 
0.9580 
0.9567 
0.9554 
0.9541 
0.9528 
0.9515 
0.9509 
0.94% 
0.9475 

0.9921 
0.9907 
0.9894 
0.9881 
0.9868 
0.9854 
0.9841 
0.9828 
0.9815 
0.9802 
0.9788 
0.9775 
0.9762 
0.9749 
0.9735 
0.9722 
0.9709 
0.9696 
0.9683 
0.9669 
0.9656 
0.9643 
0.9630 
0.9616 
0.9603 
0.9590 
0.9577 
11.95ti.l 
0.Y550 
0.9537 
0.9524 
0.951 1 
0.9497 
0.9484 
0.9471 

0.9Y20 
0.9907 
0.9893 
0.9880 
0.9867 
0.9833 
0.9840 
0.9827 
0.9813 
0.9800 

0.9779 
0.97fi0 

0.9733 
0.9720 
0.9706 
0.9693 
0.9680 
0.9666 
0.9653 
0.9640 
0.9626 
0.9613 
0.9Wo 
0.9586 
0.9573 
0.9560 
0.9546 
0.9533 
u.9.520 
0.9506 
0.9493 
0.9480 
0.9465 

0.97n7 

0.9747 

0.9919 
0.9906 
0.9892 
0.9879 
0.98&5 
0.9852 
0.9838 
0.9825 
0.9812 
0.9798 
0.9785 
0.9771 
0.9758 
0,9744 
0.9731 
0.9717 
0.9704 
0.9690 
0.9677 
0.9663 
0.9630 
0.9637 
0.9623 
0.9610 
0.9596 
0.9583 
0.9569 
0.Y556 
0.9542 
0.9529 
0.9515 
0.9502 
0.9488 
0.9475 
0.9469 

0.9918 
0.9905 
0.98Yl 
0.9878 
0.9864 
0.9851 
0.9837 
0.9823 
0.9810 
0.9796 

0.9769 
0.97.55 
0.9742 
0.9748 
0.9715 
0.9701 
0.9688 
0.9674 
0.9660 
0.9647 
0.913 
0.9620 
0.9606 
0.9692 
0.9579 
0.9567 
0.9552 
0.9538 
0.9524 
0.9511 
0.9497 
0.9484 
0.9470 
0.9457 

0.97m 

0.9918 
0.9904 
0.9890 
0.9877 
0.9863 
0.9849 
0.9835 
0.9822 
0.9808 
(1.9794 
0.9781 
0.9767 
0.9753 
0.9739 
0.9726 
0.9712 
0.9698 
0.9685 
0.9671 
0.9657 
0.9643 
0.9690 
0.9616 
0.9602 
0.9588 
0.9575 
0.9563 
0.9547 
0.9534 
0.9520 
0.9506 
0.9492 
0.9479 
0.Y465 
0.9451 

0.9917 0.9916 
0.9903 0.9905 
0.9889 0 . w  
0.9875 0.9874 
0.9861 0.9860 
0.9848 0.9846 
0.9833 0.9832 
0.9820 0.9818 
0.9806 0.9804 
0.9799 0.9790 
0.9778 0.9776 
0.9764 0.9762 
0.9751 0.9748 
0.9737 0.9734 
0.9723 0.9790 
0.9709 0.9706 
0.9695 0 . W  
0.9681 0.9678 
0.9668 0.9664 
0.9&54 0.9650 
0.9640 0.9636 
0.9626 0.9622 
0.9612 0.960R 
0.9598 0.9594 
0.9384 0.9580 
0.9571 0.9566 
0.9557 0.9552 
0.9543 0.9538 
0.9529 0.Y524 

0.9.501 0.9496 
0.9487 0.9482 
0.9474 0.9468 
0.9460 0.9454 
0.9446 0.9440 

0.9315 0.9510 

0.9915 0.9914 
0.9901 0,9900 
0.9887 0.9886 
0.9873 0.9871 
0.9859 0.9657 
0.9844 0.9843 
0.9830 0.9828 
0.9816 0.9814 
0.9802 0.9800 
0,9788 0.9786 
0.9774 0.9771 
0.9760 0.9757 
0.9745 0.9743 
0.9731 0.9728 
0.9717 0.9714 
0.9703 0.9700 
0.9689 0.9685 
0.9675 0.9671 
0.9661 0.9657 
0.9646 0.9643 
0.9632 0.9628 
0.96lR 0.9614 
0.9604 0.9600 
0,9590 0.95% 
0.9576 0.9.571 
0.9562 0.9557 
0.9547 0.9542 
0.9.533 0.9528 
0.9519 0.9514 
0.9505 0.9500 
0.9491 0.948.5 
0.9477 0.9471 
0.9463 0.9457 
0.9448 0.9442 
0.9434 0.9428 

0.9913 
0.9899 
0.9884 
0.9870 
0.sKi.i 
0.9841 
0.9826 
0.9812 
0.9798 
0.9783 
0.9769 
0.9754 
0.9740 
0.972.5 
0.9711 
0.9696 
0.9682 
0.Y667 
0.9653 
0.9639 
0.9624 
0.9610 
0.9595 
0.9581 
0.9% 
0.9552 
0.9537 
0.9525 
0.9508 
0.9494 
0.9480 
0.9465 
0.9451 
0.9436 
0.94YY 
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Table 6-58 
(continued) 

0.0 
0.1 
0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
0.9 
1 .o 
1.1 
1.2 
1.3 
1.4 
1.5 
I si 
1.7 

1.9 
2.1) 
2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 

2.9 
3.0 
3.1 
3.2 
3.3 
3.4 
3.B 
3.6 
3.7 
3.H 
3.9 
4.0 

1.n 

2.x 

B = d/D x$ .I .2 .3 .4 .45 .50 -54 .54 .56 .58 .60 .61 .62 

1.oon 1.000 1.000 1.00~ 1.000 1.000 i.wn i.nnn 1.000 1.onn LOOO i.000 i m o  
i.o(m7 
1.0013 l.mrn 
ism33 

1 . o w  

1.WZ 

1 . m  
1.0047 

1.0060 
1.0067 
1.0074 
I .OO8O 
1.0087 

1.0101 

1.1)114 
1.1)121 
1.0128 
1.0135 

1.0094 

m n n  

1.0142 
1.0148 

1.0162 

1.0182 

1.0203 

1.0155 

1.0169 
1.0176 

1.0189 
l.0196 

1.02IO 
1.0217 
1.0224 

1.0237 
1 ,11244 
1.n251 

1.026.5 
1.0272 

I .n230 

I .oz.in 

I .on07 
1.0013 
1 .0020 
1.0027 
1.0033 
1,0040 
1.0047 
1.11053 
1.11060 
1.11067 
1.0074 
1.0080 
1.0087 
1.0094 
1.0101 

1.0114 
I.OIY1 

1.01.44 

1.0148 
1.0155 
1.0162 
1.0168 
3.0175 
1.01UY 

1.0196 
1.0203 
1.0210 
1.0216 
1.0229 
1.0230 
1.0237 
1.0244 

1.0458 
1.0264 
1.0271 

1.nin7 

m 2 8  

i.0141 

i.oix9 

i . m t  

1.0006 
1.0013 
1.0020 
1.002fi 
1 ,0033 
1.0040 
1.004fi 
1.0053 
1.00fi0 
1.0066 

1.0080 
1.0086 
1.0093 

i.no73 

1.nioo 
1.0106 
1.0113 
1.0120 
1.0126 
1.0133 
1.0140 
1.0147 
1.01.54 
1.0160 
1.0167 
1.0174 
1.0180 
1.0187 
1.0194 
1.0201 

1.0214 
1.0221 
1.(1228 
1.11235 
1.0242 

1.0255 
1.0262 
1.0269 

1.ozox 

1.0248 

I.oo06 
1.0013 
1.0019 
1.0046 
1.0032 
I.OOSY 
1.0045 
1.0052 
1.0038 
1 ,006.5 
1.0071 

1.0084 
1.0091 
l.0097 
1.11104 
1.R110 

1.0123 

1.0136 
1.0143 
1.0150 

1.0169 

1.0176 

1.0189 
1.0196 
1.0205 
1.0209 
1.0216 

I ,0078 

1.0117 

1 . n w  

1.0156 

1.0170 

i.oin3 

i . n m  
I.OPSY 
1.0236 
1.0243 
1.0249 
1.0256 
1.0263 

1,0006 
1.0012 
1.0019 
1.0025 
1.0031 
1.0038 
1.0044 
1.00511 
1.0057 
1.0063 
1.0069 
1,0076 
1.0082 
1.0089 
1.0095 

1.0108 

1.0121 
1.0127 

1.0140 
1.0146 
1.0133 
1.0139 
1.0166 
1.0172 
1.0179 
1.0185 
1.0192 

1.0205 

1.02l8 
1.0?!4 
1.0931 
1.0237 

1.0250 
1.0257 

1.ninI 

1.0114 

1.0134 

i . o m  
1.0211 

1.0244 

1.0006 
1.0012 
1.0018 
1.0024 
1.00.w 
1 .W.% 
1.0043 
1.0049 
1 .ooj.5 
1 .O(161 
1.0067 
1.0073 
1.0080 
1.0086 
1.CUl92 

1.0104 
1.0111 
1.0117 
I ,0123 
1.0129 
1.0136 
1.0142 
1.0148 
1.0154 

1.0167 

1.0186 

1.0198 

1.021 1 
1.0217 
1.0224 
1.0230 
1.0236 
1.0243 
1.0249 

i.owx 

m f i i  

I ,0173 
i.nino 

1 . n m  

i.ozn5 

l.Wo6 
1.0012 
1.0018 
1.0094 
1 .00.w 
1.0036 
1.0042 
1.0048 
1.0054 
1.0060 
1.0066 
1.0072 
1.0078 
1.0084 
1 .mo 
1.0096 
1.0103 
1.0109 
1.0115 
1.0121 
1.0127 
1.0133 

1.0146 
1.0152 
1.0158 
1.0164 
1.0170 
1.0177 

1.0189 
1.0195 
I .020Y 

1.0140 

1.0183 

1.0208 
1.0214 
1.0220 
1.0226 
1.0253 
1.0239 
1.0245 

1.000fi 
1.w12 
1.0018 
1.0023 
1 .002Y 
1.003.i 

1,0047 

1.11059 
1.00fi5 
1.0071 
1.0077 
1.0083 
1.0089 
1,0095 
1.0101 
1.0107 
1.0113 
1.0119 

1.0131 
1.0137 
1.0143 
1.0149 
1.0155 
1.0161 
1.0167 
1.0173 

1.0186 
1.0192 
1.0198 
1.0204 
1.0210 
1.11216 
1.0222 
1.0229 
1.0235 
1.0241 

1.0041 

1.11053 

1.0125 

i.oino 

Loo06 1.0006 
1.0011 1.0011 
1.0017 1.0017 
1.0023 1.w22 
1.0029 1.0028 
1.0054 1.0n34 
1.0040 1.0039 
1.0046 1.0045 
l.0052 1.0050 

1.0063 1.0062 
1.0069 1.0068 
1.0075 1.0073 
1.0081 1.0079 
1.00117 1.0085 
1.0093 1.01)911 
1.0099 1.0096 

1.0110 1.0108 

1.0122 1.0119 

I .oo.ie I .on56 

1.0104 1.oioy 

1.0116 1.0114 

1 . n m  1.0125 
1.0134 m 3 i  
1.0140 1.0137 
1.0146 1.014~ 
1.0152 1.o14n 
i.ni.s8 1.0154 
1.0164 i.nifio 
1.0170 i.nififi 

I.oixn 1.0184 
i.ni94 i . o m  
1.o2no L O I Y ~  

1.0176 1.0172 
1.01U2 1.0178 

1.0206 1.0201 
1.0212 1.0207 
1.021R 1.0213 
1.0224 1.0219 

1.0236 1.0231 
1.o23n 1.0?25 

1.0005 l.!JIM)5 
1.on11 1.0011 
1.0016 1.0016 
1.0022 1.0021 

1.0033 1.0032 

1.0049 1.0048 

1.m 1.0059 
1.0066 1.0065 
1.0071 1.0070 
1.0077 1.0076 
I.LXM2 1.0081 

1.0094 1.0092 

1.0105 1.0103 

1.0027 1.0027 

1.0038 1.onM 
1.0044 i.oon3 

1.0055 1.00.54 

~ o o t m  1.oon7 

1.00~ I.OWH 

m i 0  I.OIW 
1.0116 1.0114 
1.0122 1.0120 
1.0127 1.0126 
1.0133 1.0131 
1.0139 1.0137 
1.0144 1.014Y 
1.0150 i.ni48 
1.015fi i.0154 
i . 0 1 6 ~  i.ni59 
1.0167 i.nifi5 
1.0173 1.0170 
1.0179 1 . n m  
i.nin4 1.0182 
1.011~0 1 . n w  

i.o2ny 1.0199 
1.0207 i . 0 2 0 ~  

1.0196 1.0193 

1.0913 1.0210 
1.0219 1.0216 
1.0221 1.0222 

I ,0005 
i.onio 
I .no1 6 
i.on21 
1.0046 
1.0052 
1.0037 
1 . w 2  
1.0048 
1.00.53 

I ,0064 
1.006t) 
1.0074 

1.0085 
1.0091 
1.009fi 

I .on% 

I .ooxo 

1.0102 
i.0107 

m i n  
I ,0112 

1.0124 
1.0129 
1.11184 
1.0140 
1.014fi 
1.0151 
1.0157 
1.0162 

1,0173 
1.0179 

1.01YO 

1.0201 

1.021 s 

i.nifix 

1.n184 

1.0196 

1.0207 

i.o41x 

P=d/D 
2:: .63 .64 .65 .66 .67 .68 3 9  3 0  .71 .74 .73 .74 .75 
0.1) i.nno 1.000 1.000 LOOO 1.0oo 1.000 1.000 1.000 LOW 1.000 1.000 i.ooo 1.000 
0.1 
0.2 
0.3 

03 
0.6 
0.i 

0.9 
1 .(I 
1.1 
1 .2 
I .3 
1.4 
1 .9 
1 .fi 
1.7 
1 .H 
1.9 
2.1) 
2.1 
2.2 
4.3 
2.4 
2.5 
2.6 
2.7 

5.9 
3.0 
3. I 
3.2 
3.3 
3.4 
3.5 
3.(i 
3.7 
3.H 
3.9 
4.0 

n.4 

0.x 

2.x 

1.0005 
1.0010 
1.0015 
1.0021 
1.0026 
1.0031 
1.0036 
1.0042 
1.0047 
1.0052 
1 .0057 
1.wfi2 
1.006n 
I ,0073 
I .aim 
1 .oon4 
1.OOHY 
1.0094 
1.1)1110 
1.0195 
1.0111 

1.0121 
1.0127 
1.0132 
I.013H 
1.0143 

1.0154 
1.1)160 
1.01 65 
1.0170 
1.11176 
I.I)l81 

1.0192 

i.niifi 

LOMX 

1 . 0 1 ~ 7  

i.nw8 
1.0~04 
1.02oy 
1.0215 

l S ~ 5  
I.0010 

1.0025 
1.0030 
1 ,0036 

1.0046 
1.0051 
1.0056 
1.0061 
1 .UOfiti 
1.111172 
1.01177 
1.01182 

1.0093 

i.0015 
I .no2o 

1.0041 

i.no8n 

i.on98 
i.nin3 

1.0114 

m 3 n  

m 4 o  

1.0151 

1.0167 

1.0ix4 
I.nix9 

I .xoo 
I .nzofi 

1.0109 

1.01 I Y  
1.0124 

1.0135 

1.0146 

1.01.i7 
1.0162 

1.0173 
l.017H 

1 .o 19.5 

1.021 1 

1.OO05 

1.0015 

1.0025 
1.0030 
1.0035 
1.0040 
1.0045 

1.0055 
1.0060 
1.0065 
1.0070 
1.0076 

l.lnln6 
1.OOY1 
1.0096 
1.0101 

1.0112 
1.0117 

1.0157 
1.0139 

1.0148 

i m n  
1.0020 

1.0050 

i.nun1 

1.ninti 

i.ni22 

I.oi3n 
1.0143 

1 . n m  
i.0159 

i.oixo 

I ,0164 
1.0170 
1.0175 

1.111H6 
1.0191 
1.0196 
1.0202 
1.0207 

1.0005 
1.0010 
1.0014 
1.0019 
1.0024 
1.0029 
1.0034 
1.00.39 
1.0044 
1.0049 
1.0034 
1.0059 
1.0064 
1.0069 
1.0074 
1.0079 
1.0084 
1.0089 
1.0094 
1.0099 

1.0109 
1.0t14 
1 .I1120 
1.U125 

1.1)135 

i.nm 

1.mo 
1.01411 
1.0145 
1.o15n 
i.0156 
i.ni6i 

1.0171 
1.0177 
m x e  
1 . 0 1 ~ 7  
1 . n w  
i.oi9n 

1.01M 

1.0203 

l.ooo.i 
1.0009 
1.0014 
1.0019 
1.0024 

1.0033 
1.0038 
1.0043 
1.0048 

1.0058 
1.0062 
1.0067 
1,0072 
1.0077 
1.ooX2 
1.0087 
1.0092 
1.0097 
1.oiw I . n m  
1.0112 
1.0117 
1 . n i z  
1.0127 
1.0132 
1.0137 
1.0142 
1.0147 
1.01.52 

1.0163 

1.0173 

1.0183 
1.0188 
1.0194 
1.n199 

I .oo2n 

1.0053 

1.oi5x 

1.oifin 

1.o17x 

1,0004 

1.0018 

1.0028 
1.0032 
1.0037 
1.0042 
1 . w 7  
1.00.51 
1.0056 
1.0061 
1.0066 
1.0070 
1.0075 

1 ,008.5 
1 ,0090 
1,009.5 

1.0104 
1.0109 
1.0114 
l.1)119 
I.11124 
1.OI29 
1.0134 
1.0139 

l.014Y 
1.0154 
1.0159 
1.0164 

1.01 74 

1.0189 

i.uon9 
1.0014 

i.ons3 

~ o o x o  

i.nioo 

1.0144 

i . n m  

1.0179 
i.nin4 

i.0194 

1.0004 1.oow 
1.0013 
1.0018 
1.0024 
1.0027 
1.0032 
1 .00% 
1.0041 
1.004j 

1.005 
1.0059 
1.0064 
1.0069 
1.0073 

1.0083 
1 .ootm 
1.0092 
1.0097 

1.0106 
1.0111 
1.0116 
1.0121 

1.Ol36 
1.0140 
1.0145 

I .O I55 

1.0165 
1.0170 
1.01 7.5 

1.1)190 

mo5o 

m 7 n  

i.nio2 

1.0146 
1 . m i  

mjo 
i.oifin 

1.01xn 
i.oix.5 

Loo04 
1 .occ9 
m i 3  
i.0017 
i . 00~2  
1.0026 
1.0031 
1.0053 
1 .oU4II 
1.0044 
1.0049 
1.0053 
1.0058 
l.l11)62 
1.11067 
1.0071 
1.0076 
1.0080 
1.0085 
1.0090 
1.0094 
1.0099 
1.0104 

1.0113 
1.oiux 

i.oi1n 
i.0122 
1.0127 
1.0132 
1.0187 
1.0141 
1.0146 
1.n151 
1.0156 
I.UlE4 
l.Olfi5 
1.0170 

1 .o 181) 
1.0185 

1.0175 

1.0004 
1.0008 
1.0013 
1.0017 
1.0021 
1 . W 5  

1.0034 

1.0043 
1.0047 

1.0056 
1.006U 
1.0065 
1 .W69 
1.0074 
1.0078 
1.0083 
1.0087 
1.0092 
1.0096 
1.0101 

1.0110 
1.0114 
1.0119 

1.0128 

1.0030 

1.0038 

1.0052 

i . o m  

i.0124 

i.0133 
1.0137 
1.0142 
1.0147 
3.0151 
1.0155 
1.0161 
l.Olfi.5 
1.0170 
1 .OI 75 
1.0180 

Loo04 
1 .ooo8 
1.0012 
1.0016 
i.0020 

1.11033 

I ,0041 

1.0025 
1.0029 

1.0037 

1.0046 
1.0050 
1.0054 
1.005H 
1.111153 
1.0067 
i.nn71 
1.0076 
i.0080 
1.0084 
1.0089 
1.0093 
I.oo(I8 
1.0102 
1.0106 
1.0111 
1 .(I1 13 
1.0120 
1.0124 
1.0149 
1.0133 
I.0138 
1.11 I42 

1.0151 
1.0147 

m 5 f i  
1.0160 
1.0165 
1.0170 
1.0174 

1 .W04 
1.0008 
1.0012 
1.0016 
1.0020 
I.0024 

1.0032 
1.0036 

i s m  

i . n o x ~  
1.0044 

1.0060 

1.0048 
1.0052 
1.0056 

1.0065 
1.owN 
1.C47s 
1 . 0 m  
I .noxi 
I .onxti 
1.0090 

i.nin7 
m i 1  
1.0116 
1.0121) 
1 . n i ~ 4  
i . w Y  
i . m 3  

1.0094 
1 .OWX 
1.U1IIJ 

I.OI.% 
1.0142 
1.0146 
1.015l 

1.016(1 
1.0164 

1 .n 1.55 

i.nifi9 

1.0004 
1.0008 
1.0011 
1.0015 
1.1101Y 

1.0027 
1.nozs 
i.nn3o 
i.0034 
i.on3n 
1.004~ 
1.0046 
1.0050 
IAN54 
I.0058 

1.0066 

1.0078 

1.00R7 

1.0095 
I.o(wY 
1.0103 
1 .o I07 
1.0112 
1.0116 

1.0124 
1.0128 
1.0133 
1.0137 
1.0141 
1.0145 
1.0150 
1.0154 
1.11159 
0.11163 

i.0062 

i.no7o 
1.0074 

1 . 0 0 ~ 3  

i.on9i 

i.oi2n 

1 .onn4 
I .no07 
i.onii 
1.0014 
I ,1101 x 
l.UU22 
1.IIU2fi 
1.0029 
i.nnm 
1.0037 
1.0041 
1.0044 
1.0048 
1 .M52 
1m5f1 
I .ow) 
1.0064 

i.nnis 

I ,0083 
I .nox7 

1.006R 
1.0071 

1.0079 

1.01191 
1.0095 
1.0099 
1.0103 
I.OIO7 
1.0111 
1.0116 
1.n120 
1.11124 
1.012H 
3.0132 
1 .OI36 
I.Ol4O 
1.11141 

1.11153 
1.0157 

1.n14x 
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Table 6-59a 
Y, Expansion Factors for Pipe Taps, Static 
Pressure Taken from Upstream Taps [la] 

P=dD 

l.m 1.000 l.m 1.000 1.000 1.000 1.m 1.000 1.000 1,000 1.000 

gp; .1 .s .3 A .45 .50 .54 .M .56 .58 .60 

0.0 
0.1 
0.2 
0.3 
0.4 
0.5 
0.6 
0.7 
0.8 
0.9 
1.0 
1.1 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 
2.0 
2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 
2.8 
2.9 
3.0 
3.1 
3.2 
5.3 
3.4 
3.5 
3.6 
3.7 
3.8 
3.9 
4.0 

0.9990 
0.9981 
0.9971 
0.9962 
0.9952 
0.9943 
0.9933 
0.9923 
0.9914 
0.9904 
0.9895 
0.9885 
0.9876 
0.9866 
0.9857 
0.9847 
0.9837 
0.9828 
0.9818 
0.9809 
0.9799 
0.9790 
0.9580 
0.9770 
0.9761 
0.9551 
0.9742 
0.9732 
0.9723 
0.9713 
0.9704 
0.9694 
0.9654 
0.9675 
0.9665 
0.9656 
0.9646 
0.9637 
0.9627 
0.9617 

0,9989 
0.9979 
0.9968 
0.9958 
0.9947 
0.9937 
0.9926 
0.9916 
0.9905 
0.9895 
0.9884 
0.9874 
0.9863 
0.9853 
0.9842 
0.9852 
0.9821 
0.9811 
0.9800 
0.9790 
0.9779 
0.9768 
0.9758 
0.9747 
0.9737 
0.9726 
0.9716 
0.9705 
0.9695 
0.9684 
0.9674 
0.9663 
0.9653 
0.9642 
0.9632 
0.9621 
0.9fill 
0.9600 
0.9590 
0.9579 

0.9988 
0.9976 
0.9964 
0.9951 
0.9939 
0.9927 
0.9915 
0.9903 
0.9891 
0.9878 
0.9866 
0.9854 
0.9842 
0.9830 
0.9818 
0.9805 
0.9793 
0.9781 
0.9769 
0.9757 
0.9745 
0.9732 
0.9720 
0.9708 
0.9696 
0.9681 
0.9672 
0.9659 
0.9647 
0.9635 
0.9623 
0.9611 
0.9599 
0.9587 
0.9574 
0.9562 
0.9550 
0.9538 
0.9526 
0.9514 

0.9985 
0.9971 
0.9956 
0.9942 
0.9927 
0.9913 
0,9898 
0.9883 
0,9869 
0.9854 
0.9840 
0.9825 
0.9811 
0.9796 
0.9782 
0.9767 
0.9752 
0.9738 
0.9723 
0.9709 

0.968(1 
0.9665 
0.9650 
0.9636 
0.9621 
0.9607 
0.9592 
0.9578 
0.9563 
0.9549 
0.9534 
0.9519 
0.9.335 
0.9490 
0.9476 
0.9461 
0.9447 
0.9432 
0,9417 

0.9694 

0.9984 
0.9968 
0.9952 
0.9936 
0.9919 
0.9903 
0.9887 
0.9871 
0.9855 
0.9839 
0.9823 
0.9807 
0.9791 
0.9775 
0.9758 
0.9742 
0.9726 
ll.9710 
11.9694 
0.9678 
0.9662 
0.9646 
0.9630 
0.9613 
0.9597 
0.9581 
0.95% 
0.9549 
0.9533 
0.9517 
0.9501 
0.9485 
0.9469 
0.9452 
0.9436 
0.9420 
0.9404 
0.9388 
0.9372 
0.9356 

0.9982 
0.9964 
0.9946 
0.9928 
0,9910 
0.9892 
0.9874 
0.9857 
0.9839 
0.9821 
0.9803 
0.9785 
0.9767 
0.9749 
0.9751 
0.9713 
0.9695 
0.9677 
0.9659 
0.9641 
0.9623 
0.9605 
0.9587 
0.9570 
0.9552 
0.9534 
0.9516 
0.9498 
0.9480 
0.9462 
0.9444 
0.9426 
0.9408 
0.9590 
0.9372 
0.9354 
0.9336 
0.9318 
0.9901 
0.9983 

0.9981 
0.9962 
0.9944 
0.9955 
0.9906 
0.9887 
0.9869 
0.9850 
0.9831 
0.9812 
0.9794 
0.9775 
0.9756 
0.9737 
0.9719 
0.9700 
0.9681 
0.9662 
0.9643 
0.96?5 
0.9606 
0.9587 
0.933 
0.9550 
0.9531 
0.9512 
0.9493 
0.9475 
0.9456 
0.9497 
0.9418 
0.9400 
0.9381 
0.9362 
0.9343 
0.9324 
0.9306 
0.9287 
0.9263 
0.9249 

U.9980 
0.9961 
0.9941 
0.9921 
0.9902 
0.9882 
0.9862 
0.9843 
0.9823 
0.9803 
11.9784 
0.9764 
0.9744 
0.9725 
0.9705 
0.9685 
0.9666 
0.9646 
0.9626 
0.9607 
0.9587 
0.9567 
0.9548 
0.9598 
0.9508 
0.9489 
0.9469 
0.9449 
0.9430 
0.9410 
0 .9m 
0.9371 
0.9351 
0.9331 
0.9312 
0.9292 
0.9272 
0.9253 
0.9233 
0.9213 

0.9979 
0.9959 
0.9938 
0.9917 
0.9897 
0.9876 
0.9856 
0.9835 

0.9794 
0.9773 
0.9752 
0.9732 
0.9711 
0.9690 
0.9670 
0.9649 
0.9628 
0.9608 
0.9587 
0.9566 
0.9546 
0.9525 
0.9505 
0.9484 
0.9463 
0.9443 
0.9422 
0.9401 
0.9381 
0.9360 
0.9339 
0.9319 
0.9298 
0.9277 
0.9257 
0.92% 
0.9216 
0.9195 
0.9174 

0.9814 

0.9978 
0.9957 
0.9935 
0.9913 
0.9891 
0.9870 
0.9848 
0.9826 
0.9805 
0.9783 
0.9761 
0.9739 
0.9718 
0.9696 
0.9674 
0.9w2 
0.9631 
0.9649 
0.9587 
0.9566 
0.9544 
0.9522 
0.9500 
0.9479 
0.9457 
0.94% 
0.9414 
0.9392 
0.9370 
0.9348 
0.9327 
0.9305 
0.9283 
0.9261 
0.924Q 
0.9218 
0.91% 
0.9175 
0.9153 
0.9131 

0.9977 
0.9954 
0.9931 
0,9908 
0.9885 
0.9864 
0.9840 
0.9817 
0.9794 
0.9771 
0.9748 
0.9725 
09702 
0.Y679 
0.966 
0.9633 
0.9610 
0.9587 
0.9565 
0.9542 
0.9519 
0.9496 
0.9473 
0.9450 
0.9427 
0.9404 
0.9381 
0.9358 
0.9335 
0.9312 
0.9290 
0.9267 
0.9244 
0.9221 
0.9198 
0.9175 
0.9152 
0.9129 
0.9106 
0.9083 

P = d / D  %2 .61 .61 .63 .64 .65 .66 .67 .68 .69 .70 

0.0 1.000 1,000 1.m l.m 1.000 1.000 1.w 1,000 l.m 1.000 
0.1 
0.2 
0.3 
0.4 
0.5 
0.6 
0.5 
0.8 
0.9 
1.0 
1.1 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 
2.0 
2.1 
2.2 
2.3 
2.4 
?.5 
2.6 
2.7 
2.8 
2.9 
3.0 
3.1 
3.2 
3.3 
3.4 
3.5 
3.6 
3.7 
3.8 
3.9 
4.0 

0.9976 
0.9953 
0.9929 
0.9906 
0.9882 
0.9859 
0.9835 
0.9811 
0.9788 
0.9764 
0.9741 
0.9717 
0.9694 
0.9670 
0 . W  
0.9623 
0.9599 
0.9576 
0.9559 
0.9.im 
0.9505 
0.9481 
0.9458 
0.9434 
0.941 1 
0.9.587 
0.9964 
0.9340 
0.9316 
0.9293 
0.9269 

0.9422 
0.9199 
0.9175 
0.9151 
0.9128 
0.9104 
0.9081 
0.9057 

0.9246 

0.9976 
0.9951 
0.9927 
0.9903 
0.9879 
0.9854 
0.9830 
0.9806 
0.9782 
0.9757 
0.9733 
0.9709 
0.9685 
0.9660 
0.9636 
0.9612 

0.9363 
0.9539 
0.9515 
0.9490 
0 . W  
0.9442 
0.9418 
0.9393 
0.9569 
0.9945 
0.9321 
0.9296 
0.9272 
0.9248 
0.9223 
0,9199 
0.9175 
0.9151 
0.9126 
0.9102 
0.9078 
0.9054 
0.9029 

0.9587 

0.9975 
0.9950 
0.9995 
0.9900 
0.9875 
0.9850 
0.9825 
0,9800 
0.9775 
0.9750 
0.9725 
0.9700 
0.9675 
0.9650 
0.9625 
0.9600 
0.9575 
0.9550 
0.9525 
0.9500 
0.9475 

0.9415 
0.94on 
0.9575 
0.9350 
0.9125 
0.9300 
O.YY75 
0.9250 
0.9225 
0.9200 
0.9175 
0.9150 
0.9125 
0,9100 
0.9075 
0.9050 
0.9025 
O.YUO0 

0.~450 

0.9974 
0.9948 
0.9923 
0.9897 
0.9871 
0.9845 
0.9819 
0.9794 
0.9768 
0.9742 
0.9716 
0.9690 
0.9664 
0.9639 
0.9613 
0.9587 
0.9561 
0.9555 
0.9510 
0.9484 
0.9458 
0.9432 
0.9406 
0.9381 
0.9355 
0.9529 

0.9277 
0.9252 
0.9226 
0.9200 
0.9174 

0.9122 
0.9097 
0.9071 
0.9045 

0.8993 
0.89fi8 

0.9303 

0.9148 

n.9019 

0.Y973 
0.9947 
0.9920 
0.9893 
0.9867 
0.9840 
0.9813 
0.9787 
0.9760 
0.9733 
0.9707 
0.9680 
0.9653 
0.9627 
0 . 9 m  
0.9573 
0.9545 
0.9520 
0.9493 
0.9465 
0.9440 
0.9413 
0.9387 
0 . 9 m  
0.93F3 
0.9307 
0.9280 
0.9253 
0.9227 
0.9200 
0,9173 
0.9117 
0.9120 
0.9093 
0.9067 
0.9040 
0.9013 
0.8987 
0.8960 
0.8933 

0.9972 
0.9945 
0.9917 
0.9890 
0.9862 
0.9854 
0.9807 
0.9779 
0.9752 
0.9724 
0.9696 
0.9669 
0.9641 
0.9614 
0.9586 
0.9558 
0.9531 
0.9503 
0.9476 
0.9448 
0.9420 
0.9393 
0.9365 
0.9338 
0.9310 
0.9982 
0.9255 
0.9227 
0.9200 
0.9172 
0.9144 

.0.9117 

0.9062 
0.9094 
0.9006 
0.8979 
0.8951 

0.8896 

o.gn89 

0.89~4 

0.9971 
0.9943 
0.9914 
0.9986 
0.9857 
0.9828 
0.9800 
0.9771 
0.9742 
0.9714 
0.9685 
0.9657 
0.9628 
0.9599 
0.9571 
0.9542 
0.9514 
0.9485 
0.9456 
0.9428 
0 . 9 m  
0.9371 
0.9342 
0.9313 
0.9985 
0.9256 
0.9227 
0.9199 
0.9170 

0.9113 
0.9084 
0.9056 
0.9027 
0.8999 
0.8970 
0.8941 
0.8913 
0.8884 
0.8856 

0.9142 

0.9970 
0.9941 
0.0911 
0.9881 
0.9851 
0.9822 
0.9792 
0.9762 
0.9733 
0.9703 
0.9673 
0.9643 
0.9614 
0.9584 
0.9554 
0.9525 
0.9495 
0.9465 
0.9435 
0.9406 
0.9376 
0.9346 
0.9317 
0.9287 
0.9257 
0.9227 
0.9198 
0.9163 
0.9138 
0.9108 
0.9059 
0.9049 
0.9019 
0.8990 
0.8960 
0.8930 
0.8900 
0.8571 
0.8341 
0.881 1 

0.9969 
0.9959 
0.9905 
0.9876 
0.9843 
0.9814 
0.9784 
0.9733 
0.9722 
0.9691 
0.9660 
0.9629 
0.9598 
0.9567 
0.9536 
0.9505 
0.9474 
0.9443 
0.9412 
0.9381 
0.9351 
0.9320 
0.9289 
0.9258 
0.9227 
0.9196 
0.9165 
0.9134 
0.9103 
0.9072 
0.9041 
0.9010 

0.8948 

0.8887 

0.8825 
0.8794 
0.8763 

0.8979 

n.8918 

0.8856 

0.9968 
0.9935 

0.9871 
0.9389 
0.9806 
0.9774 
0.9742 

0.9677 
0.9645 
0.9613 

11.9548 
0.9516 
0.9484 
0.9452 
0.9419 
0.9387 
0.9.555 
0.9323 
0.9290 
0.92% 
0.9226 
0.9194 
0.9161 
0.9129 
0.9097 
0.9064 
0.9032 
0.9000 
0.8968 
0.8935 
0.8903 
0.8817 
0.8859 
0.8806 
0.8774 
0.8742 
0.8710 

0.9903 

r1.9710 

r1.9581 
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Table 6-59b 
Y, Expansion Factors for Pipe Taps, Static 

Pressure Taken from Downstream Taps [la] 
$ = d/D 

22 .1 .4 3 .I .45 .50 .54 .54 .56 .58 .60 

0.0 1.000 1.000 1.000 1.000 1.000 1.ooO 1.000 1.000 1.000 1.000 1.000 
0.1 
0.2 
0.3 
0.4 
0.5 
0.6 
0.i 
0.8 
0.9 
1.0 
1.1 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 
2.0 
2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 
2.8 
2.9 
3.0 
3.1 
3.2 
3.3 
3.4 
3.3 
3.6 
3.7 
3.8 
3.9 
4.0 

1.0008 
1.0017 
1.0025 
1.0034 
1.0042 
1.0051 
1.0059 
1.0068 
1.0076 
1.0085 
1.0093 
1.0102 
1.0110 
1.0119 
1.0127 
1.0136 
1.0144 
1.0153 
1.0161 
1.0170 
1.0178 
1.0187 
1.R195 
1.1)204 
1.0212 
1.0221 
1.0229 
1.0238 
1.0246 
1.0255 
1.0264 
1.0272 
1.0280 
1.0289 
1.0298 
1.0306 
1.0314 
1.0343 
1.0332 
1 .o.w 

1.0008 
1.0015 
1.0023 
1.0030 
1.0038 
1.0045 
1.0053 
1 ,0060 
1.0068 
1.0073 
1.0083 
1.0091 
1.0098 
1.0106 
1.0113 
1.0121 
1.0128 
1.0136 
1.0144 
1.0151 
1.0159 
1.0167 
1.0174 
1.0189 
1.0189 
1.0197 
1.0205 
1.0212 
1.0220 
1.0228 
1.0235 
1.0243 
1.0250 
1.0258 
1.0266 
1.0273 
1.0281 
1.0289 
1.0296 
1.0304 

1.0006 
1.0012 
1.0018 
1.0024 
1.0030 
1.0036 
1.0041 
1.0047 
1.0053 
1.0059 
1.0065 
1.0071 
1.0077 
1.0083 
1.0089 
1.0096 
1.0102 
1.0108 
1.0114 
1.0120 
0.0126 
1.0132 
1.0138 
1.0144 
1.0150 
1.0156 
1.0162 
1.0169 
1.0175 
1.0181 
1.0187 
1.0193 
1.0199 
1.0206 
1.0212 
1.0218 
1.0224 
1.0230 
1.0237 
1.0243 

1.0003 
1.0007 
1.0010 
1.0014 
1.0018 
1.0021 
1.0025 
1.0028 
1.0032 
1 .00% 
1 .00.59 
1.0049 
1.0047 
1.0051 
1.0054 
1.0058 
1.0062 
1.0066 
1.0070 
1.0073 
1.0077 
1.0081 
1.0085 
1.0089 
1.0093 
1.0097 
1.0101 
1.0104 
1.0108 
1.0112 
1.0116 
1.0120 
1.0124 
1.0128 
1.0133 
1.0137 
1.0141 
1.0145 
1.0149 
1.0153 

1.0002 
1.0004 
1.0006 
1.0008 
1.0010 
1.0012 
1.0014 
1.0016 
1.0018 
1.0091 
1.0053 
1.0055 
1.m7 
1.0030 
1.0032 
1.0034 
1.0036 
1.0039 
1.0041 
1.0044 
1.0046 
1.0048 
1.0051 
1.0053 
1.0056 
1.0058 
1.0061 
1.0063 
1.0066 
1.0068 
1.0071 
1.0074 
1.0076 
1.0079 
1.0082 
1.0084 
1.0087 
1.0090 
1.0093 
1.0095 

1.ooOO 
I.mO 
1.ooOO 
1.0001 
1.0001 
1.0001 
1.0002 
1.0002 
1.0002 
1.0003 
1.0003 
1.0004 
1.0004 
1.0004 
1.0005 
1 .0006 
1.0006 
1.0007 
1.0008 
1 ,0008 
1.0009 
1.0010 
1.0010 
1.0011 
1.0012 
1.0013 
1.0014 
1.0014 
1.0015 
1.0016 
1.0017 
1.0018 
1.0019 
1.0050 
1.0021 
1.0022 
1.0024 
1.0025 
1.0026 
1.0027 

0.9999 
0.9999 
0.9998 
0.9997 
0.9997 
0.9996 
0.9996 
0.999.; 
0.9995 
0.9994 
0.9994 
0.9994 
0.9994 
0.9993 
0.9993 
0.9993 
0.9992 
0 . W  
0.9992 
0.9992 
0.9992 
0.9992 
0.9995 
0.9994 
0.9992 
0.9992 
0.9992 
0.9992 
0.9992 
0.9993 
0.9993 
0.9993 
0.9993 
0.9994 
0.9994 
0.9994 
0.9994 
0.9995 
0.9995 
0.9996 

0.9998 
0.9997 
0.9995 
0.9994 
0.9992 
0.9991 
0.9990 
0.9988 
0.9987 
0.9986 
0.9984 
0.9983 
0.9982 
0.9981 
0.9980 
0.9979 
0.9978 
0.9977 
0.9976 
0.9975 
0.9974 
0.9973 
0.9972 
0.9971 
0.9971 
0.9970 
0.9969 
0.9968 
0.9968 
0.9967 
0.9966 
0.9966 
0.9965 
0.9965 
0.9964 
0.9964 
0.9969 
0.9963 
0.9963 
0.9962 

0.9997 
0.9995 
0.9992 
0.9990 
0.9988 
0.9985 
0.9988 
0.9980 
0.9978 
0.9976 
0.9974 
0.9972 
0.9970 
0.9968 
0.9966 
0.9964 
0.9962 
0.9960 
0.99.58 
0.9956 
0.9934 
0.9952 
0.9950 
0.9949 
0.9947 
0.9945 
0.9944 
0.9942 
0.9941 
0.9939 
0.9938 
0.9936 
0.9935 
0.9933 
0.9932 
0.9931 
0.9929 
0.9928 
0.9927 
0.9926 

0.9996 
0.9993 
0,9989 
0.9986 
0.9982 
0.9979 
0.9975 
0.9972 
0.9969 
0.9965 
0.9962 
0.9959 
0.9956 
0.9953 
0.9950 
0.9947 
0.9944 
0.9941 
0.9938 
0.9935 
0.9932 
0.9929 
0.9927 
0.9924 
0.9921 
0,9919 
0.9916 
0.9914 
0.9911 
0.9908 
0.9906 
0.9904 
0.9901 
0.9899 
0.9896 
0.9894 
0.9892 
0,9890 
0.9888 
0.9885 

0.9995 
0.9990 
0.9986 
0,9981 
0.9976 
0.9972 
0.9967 
0.9962 
0.9958 
0.9954 
0.9949 
0.Y945 
0.9941 
0.9936 
0.9932 
0.9928 
0.9924 
0.9920 
0.9916 
0.9912 
0.9908 
0.9904 
0.9900 
0.9896 
0.9893 
0.9889 
0.9% 
0.9882 
0.9878 
0.9874 
0.9871 
0.9867 
0.9864 
0.9869 
0.9857 
0.9854 
0.9850 
0.9847 
0.9844 
0.9840 

b&?; - 
0.0 
0. I 
0.2 
0.3 
0.4 
0.5 
11.6 
0.7 
0.8 
0.9 
1.0 
1.1 
1.2 
1 .3 
1.4 
1 ..i 
1.6 
1.7 

1.9 
2.0 
4.1 
2.2 
2.3 
5.4 
2.5 
2.6 
4.7 
4.X 
2.9 
.5.0 
3.1 
3.2 
8.3 
3.4 
3 3  
3.6 
8.7 
3.8 
3.9 
4.I1 

1.8 

E = d/D 

0.9942 
0.9937 
0.9932 
0.9928 
0.9923 
0.9918 
0.9913 
0.9908 
0.9904 
0.9899 
0.9895 
09890 
0.9%6 
0.98X1 

0.9873 
0.9868 
0.9864 
0.9860 
0.9856 
0.9852 
0.9848 
0.9843 
0.9839 
0.983.5 
0.9832 
0.9828 
0.9824 
0.9820 
O.98lfi 

0.~877 

0.993;7 
0.9929 
0.9924 
0.9918 
0.9912 
0.9907 
0.9902 
0.9896 
0.9891 
0.9886 
0.9881 
0.9876 
0.9870 
0.9865 
0.9860 
0.9855 

0.9846 
0.9841 
0.9836 
0.9831 
0,9826 
0.9822 
0.9817 
0.9812 
0.9808 
0.9803 
0.9799 
0.9794 
0.9790 

0.9850 

0.9927 
0.9920 
0.9914 

0.9902 
0.9896 
0.9889 
0.9883 
0.9877 
0.9872 

0.9908 

n.9866 
0.9860 
0.9854 
0.9848 
0.9842 
0.9837 
0.9831 
0.9826 
0.9820 
0.9815 
0.9809 

0.9798 
0.9793 

0.9783 

0.9772 
0.9767 
0.9762 

0.9804 

0.97% 

0.9778 

0.9918 
0.9911 
0.9Y04 
0.9897 
0.9890 
0.9883 
0.9876 
0.9870 
0.9863 
0.9856 
0.9849 
0.9843 
0.9836 
0.9830 
0.9823 
0.9817 
0.981 I 
0.9804 
0.9798 
0.9m 
0.9786 
0.97W 
0.9774 
0.9768 
0.9769 
0.9756 
0.9750 
0.9744 
0.9738 
0.Y73P 

0.9909 
0.9901 
0.9893 
0.9885 
0.9877 
0.9870 
0.9862 
0.9854 
0.9847 
0.9840 
0.9832 
0.9825 
0.9817 
0.9810 
0.9803 
0.9796 
0.9788 
0.9781 
0.9774 
0.9767 
0.97W 
0.9754 
0.9747 
0.9740 
0.9733 
0.9727 
0.9720 
0.9713 
0.9707 
0.9700 

0.9899 
0.9890 
0.9881 
0.Y872 
0.9H64 
0.9855 
0.9847 
0.98.M 
0.9830 
0.9822 
0.9813 
0.9805 
0.9797 
0.9789 
0.9780 
0.9772 
0.9761 
0.9757 
0.9749 
0.9741 
0.9733 
0.9725 
0.9718 
0.9710 
0.9702 
0.9695 
0.9688 
0.9680 
0.9673 
0.9665 

0.9888 
0.9878 
0.9868 
0.9859 
0.9849 
0.9840 
0.9830 
0.9821 
0.9811 
0.9802 
0.9793 
0.9784 
0.9774 
0.9763 
0.9756 

0.9738 
0.9730 
0.9721 
0.9712 
0.9703 
0.9695 

0.9678 
0.9669 
0.9661 
0.9li52 
0.9644 
0.9626 
0.9628 

0.9747 

0.9686 

0.9876 
0.9865 
0.9854 
0.9844 
0.9833 
0.9822 
0.9812 
0.9801 
0.9791 
0.9781 
0.9770 
0.9760 
0.9750 
0.9740 
0.9730 
0.9720 
0.9710 
0.9700 
0.9690 
0.9681 
0.9671 
0.9661 
0.9654 
0.9642 
0.9633 
0.9623 
0.9614 
11.9605 
0.9596 
0.9586 

0.9863 0.9848 
0.9851 0.9835 
0.9839 0.9822 
0.9827 0.9809 
0.9815 0.9796 
0.9804 
0.9792 
0.9780 
0.9769 
0.9757 
0.9746 
0.9734 
0.9712 
0.9701 
0.9690 
0.9670 
0.9668 
0.9657 
0.9646 
0.9695 
0.9625 
0.9614 
0.9603 
0.9593 
0.9582 
0.9572 
0.9562 
0.9551 
0.9541 

0.9723 

0.9783 
0.9770 
0.9757 
0.9744 
0.9732 
0.9719 
0.9606 
0.9694 
0.9681 
0.9669 
0.9657 
0.9644 
0.9632 
0.9620 
0.9608 
0.9596 

0.9579 
0.9561 
0.9549 
0.9537 
0.9526 
0.9514 
0.9509 
0.9491 

0.9584 
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(text continued &om page 815) 

where Gr = G,Z,(air)/Z,(gas) and Gi = MgJM,, 

In orifice meter measurement of gases, the effect of compressibility equates 
to the relationship ( l/Z)o.5; this has been termed the "supercompressibility" of 
the gas. The supercompressibility factor may be calculated from 

0.5 

F, =(2) (6-311) 

The best way to obtain the Z calculation is to use the Hall-Yarborough 
equation [142], or figures of compressibility factors for natural gas (e.g., Figure 
6-231). Also the supercompressibility factor F may be taken from an AGA 
Report [143] and/or empirical equations as fofiows [141]: 

f 1" 2.48PG x 10"Of*~"SG~ 
T3.825 

for 0.0601 I SGg S 0.650 and P < 600 psig 

for SGg I 0.600 and P < 600 psig 

for 0.0651 I SGg I 0.750 and P < 600 psig 

(6-311a) 

(6-31 1 b )  

(6-3 1 IC) 

(6-3 1 Id) 

for 0.751 I SGg I 0.900 and P < 600 psig 

where P, = gage pressure in psig 
SGg = specific gas gravity 

Tf = flowing temperature in OR 

Manometer factor Fm is used with mercury differential gages and compensates 
for the column of compressed gas opposite the mercury leg. Usually, it is not 
considered for pressures below 500 psia. It is also not required for mercuryless 
differential gages. Fm can be calculated as follows: 
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a6 

F, = ( y m - y g )  
846.324 

(6-312) 

where Y, = 846.324 [l - O.OOOIOl(Ta - 520)] 
Y = 4.699053SGB(Fp)g/Ta 
f = ambient temperature in degrees Rankine (air or atmospheric tem- 

perature surrounding the orifice meter) 
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SGg = specific gravity of the flowing gas 
FPV = supercompressibility factor of the gas at ambient temperature, 

specific gravity and static gage pressure 

The manometer factor can be read in Table 6-60. 
The orifice thermal expansion factor Fa is introduced to correct for expansion 

or contraction of the orifice, when operating at temperatures appreciably 
different from the temperature at which the orifice was bored. It is calculated as 

Fa = 1 + [0.0000185(Tf - SS)] 
(for 304 and 316 stahless steel) 

Table 6-60 
F, Manometer Factors [140] 

Specific Flowing Pressure, psig 
Gravity, 
C 0 500 1m 1500 2000 2500 3000 

0.55 
0.60 
0.65 
0.70 
0.75 

0.55 
0.60 
0.65 
0.70 
0.75 

0.55 
0.60 
0.65 
0.70 
0.75 

0.55 
0.60 
0.65 
0.70 
0.75 

1 .OoOo 
1 .m 
1 .oooo 
1 .oooo 
1 . M O O  

1 .oooo 
1 .m 
1 .m 
1 .OM0 
1 .OoOo 

1 .oooo 
1 .m 
1 .OoOo 
1 .m 
1 .moo 

1 .oooo 
1 .m 
1 .oooo 
1 .oooo 
1 .oooo 

Ambient Temperature = 0°F 

0.9989 0.9976 0.9960 0.9943 
0.9988 0.9972 0.9952 0.9932 
0.9987 0.9967 0.9941 0.9920 
0.9985 0.9961 0.9927 0.9907 

Ambient Temperature = 40°F 

0.9990 0.9979 0.9967 0.9954 
0.9989 0.9976 0.9962 0.9946 
0.9988 0.9973 0.9955 0.9937 
0.9987 0.9970 0.9947 0.9926 
0.9986 0.9965 0.9937 0.9915 

Ambient Temperature = 80°F 

0.9991 0.9981 0.9971 0.9960 
0.9990 0.9979 0.9967 0.9955 
0.9989 0.9977 0.9963 0.9948 
0.9988 0.9974 0.9958 0.9940 
0.9987 0.997l 0.9951 0.9931 

Ambient Temperature = 120°F 

0.9992 0.9983 0.9974 0.9965 
0.9991 0.9981 0.9971 0.9960 
0.9990 0.9979 0.9967 0.9955 
0.9989 0.9977 0.9963 0.9950 
0.9988 0.9975 0.9959 0.9943 

0.9930 
0.9919 
0.9908 
0.9896 

0.9942 
0.9933 
0.9923 
0.9912 
0 . m  

0.9950 
0.9943 
0.9935 
0.9926 
0.99l6 

0.9956 
0.9950 
0.9944 
0.9937 
0.9929 

0.9921 
0.9910 
0.9900 
0.9890 

0.9932 
0.9923 
0.9913 
0.9903 
0.9893 

0.9941 
0.9933 
0.9925 
0.9915 
0.9906 

0.9948 
0.9941 
0.9934 
0.9926 
0.9918 

Note: Factors for immediate valuer of pressure, temperature, and specific gravity should be Inicrpolaled. 
M e :  This table is for use wilh mercury manometer type recording gauges that have gas in wntad with the 
mercury surface. 
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or 

Fa = 1 + [0.0000159(Tf - 68)] 
(for Monel) 

where T, = flowing temperature of the gas at the orifice in "F 

The orifice thermal expansion factor is rounded to four decimal places. This 
factor is significant only where large quantities of gas are being measured. 

The gage location factor F, is required when mercury orifice differential 
instruments are used. It compensates for differences in the weight of the gas 
column above the mercury reservoir for meter locations other than the standard 
of 45" latitude at sea level. It is a constant for any given metering location and 
can be combined with other flow constants or stored in the computer master 
file for use in calculating the orifice flow. The equation for determining the 
gauge location factor is 

0.5 

F, = - 
(98::65) (6-313) 

where: g, = the ambient gravity value at the metering location can be obtained 
from U.S. Coast and Geodetic Survey data in reference to aero- 
nautical data, from the Smithsonian Meteorological Tables, or 
calculated for midlatitudes, between 30" and 60", as 

g, = 980.665 + [O.O87("L - 45)] - 0.000094H 

where "L = degrees latitude 
H = elevation in lineal feet above sea level 

This gage location factor value can be read in Table 6-61. 

Example 16 

following candition: 

Barometric pressure-14.5 psia 
Diameter of pipe-11.938 in. 
Orifice diameter-4.000 in. 
Differential pressure across meter-27.0 in. of H,O 
Static pressure on meter-600 psig 
Type of meter-flange taps 
Temperature base (Tb)-60"F 
Flowing temperature-75°F 
Pressure base (P,)-14.65 psia 
Gas composition by volume: C,-85%, C,-5%, C,-3%, i-C4-l%, N,-6% 

Solutlon 

Compute the daily flowrate of natural gas through an orifice meter for the 

1. Daily flowrate = 24 x Qv 
2. (hP,)0.5 = [27(600 + 14 5)]0.5= 128.8 
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Table 6-61 
Gauge Location Factos [I401 

Gauge elevation above sea level-heal feet 

Degrees Sea 
latitude level 2,000' 4,000' 6,000' 8,000' 10,000' 

0 (Equator) 0.9987 0.9986 0.9985 0.9984 0.9983 0.9982 
5 0.9987 0.9986 0.9985 0.9984 0.9983 0.9982 

10 0.9988 0.9987 0.9986 0.9985 0.9984 0.9983 
15 0.9989 0.9988 0.9987 0.9986 0.9985 0.9984 
20 0.9990 0.9989 0.9988 0.9987 0.9986 0.9985 

25 0.9991 0.9990 0.9989 0.9988 0.9987 0.9986 
30 0.9993 0.9992 0.9991 0.9990 0.9989 0.9988 
35 0.9995 0.9994 0.9993 0.9992 0.9991 0.9990 
40 0.9998 0.9997 0.9996 0.9995 0.9994 0.9993 
45 1.0000 0.9999 0.9998 0.9997 0.9996 0.9995 

50 1.0002 1.0001 1.0000 0.9999 0.9998 0.9997 
55 1.0004 1.0003 1.0002 1.0001 1.0000 0.9999 
60 1.0007 1.0006 1.0005 1.0004 1.0003 1.0002 
65 1.0008 1.0007 1.0006 1.0005 1.0004 1.0003 
70 1.0010 1.0009 1.0008 1.0007 1.0006 1.0005 

75 1.0011 1.0010 1.0009 1.0008 1.0007 1.0006 
80 1.0012 1.0011 1.0010 1.0009 1.0008 1.0007 
85 1.0013 1.0012 1.0011 1.0010 1.0009 1.0008 

90 (Pole) 1.0013 1.0012 1.0011 1.0010 1.0009 1.0008 
Note: While Ft values are strictly manometer factors, to account for gauges being operated under gravitational 
forces that depart h m  standard location; it is suggested that it be combined with other flow constants. In which 
instance, F, becomes a location factor constant and F,,, the manometer factor agreeable with standard gravity 
remains a variable factor, subject to change with specific gravity, ambient temperature, and static pressure. 

3. Basic orifice factor for taps Fb; see Table 6-76 for D = 12 in. (11.938) 
and D = 4,000, FB= 3,260 

4. Reynolds number factor Fr: 

F , = 1 + - = -  b b 
(~IP)~' 128.8 

for b see Table 6-77 for given d and D 

b = 0.0206 

0.0206 
128.6 

F, = 1 + - = 1.0001599= 1.0002 

(minimum four decimal places is required) 
5. Expansion factor Y (function p and h/P) 
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d 4 000 
D 11.938 

= - = - = 0.33506 

-=-- 27 - 2.8989~10" = 0.038989= 0.039 
P 692.5 

from Table 6-58a Y, = 0.9996 by interpolation 
6. Temperature base factor 

469.67+60 = l .o  F, = 
519.67 

7. Pressure base factor 

F, = - 14'73 - - 1.0055 
14.65 

8. Flowing temperature factor 

a5 

= 0.9859 519.67 O.' 

Fff = [ 2) = ( 459.67 + 75) 

9. Gas specific gravity factor F, or F,, = (l/SGg)O.S 

pc 
Comp. Concentr. Tc ("R) z;r, (pew ZIP,, M Z,Ml 

c, 
c2 

c 3  

IC4 
N2 

0.85 344 292.4 673 572.1 16 13.6 
0.05 550 27.5 712 35.6 30 1.5 
0. 03 666 20.0 617 18.5 44 1.3 
0. 01 734 7.3 528 5.3 58 0.6 
0.06 227 13.6 492 29.5 28 - 1.7 

z 360.9'R 661 psia 18.7 

0.5 
M 
M,, 28.9625 

SG, = = 18.7 = 0.646, F, = [ &) = 1.2442 

10. Supercompressibility factor 

1 F =-  
P z0.5 

459.67+75 = 1.48, T, = 
360.9 
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692.5 
661 

PI = - = 1.0477 

from Figure 6-227 Z = 0.895 

F, =-- -1.0564 
0.896"' 

or from Equation 6-311 

= 1.0526 3.32 x 600 x 101ro+1.81xo.M6 
534. 67"IZ5 

F, =1+ 

11. Daily flowrate; 

24Q = Z4 (x F b F ~ ~ p , F , F ~ ~ r F p V ( h w p ~ ) o ' 5  

= 24 x 3260 x 1.0002 x 0.9996 x 1.0055 x 1.0 x 0.9859 

x 1.2442 x 1.0526 x 128.8 = 13.08 MMscfd 

Example 17 

A 1.6-MMscm daily flowrate at 0.63 relative density natural gas is to be 
metered at 27°C and 7 MPa in an orifice meter using flange taps. At this 
condition the compressibility factor Z = 0.895. What size orifice plate and meter 
run should be used? Assume that h, = 52 in. of H,O, P, = 14.5 psia, Tb = 59°F. 
Ignore Fr and Y,. 

SGg = 0.63 

T = 27°C = 80.6"F 

PlktLCanmerer = 7 MPa = 1,015.26 psig 

Z = 0.895 

P,= 14.5 psia = 100 kPa = 1 bar 

T, = 59°F = 15°C 

For Pbsr assume it is the same as Pbare if Pbar is unknown: 

Z4 Q = F b F ~ y * F ~ , F ~ F ~ ~ F p , ( h , p ~ ) 0 . 5  

1" Flowrate Q(scf/hr) at 14.73 and T = 60°F 

24Q = 1.6 MMscm/24 hr 

Q = 1.6 MMscm/hr 
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Standard conditions for SI system: 

P = 100 kPa, T = 15°C or P = 101.325 kP, T = 0°C 

Use the first set, where molal volume = 23.96 scm/kmol; then our T, and 
P, are exactly the same. 

P, = 14.5 psia = 100 kPa 

T, = 59°F = 15°C 

Hence, Q = 1.6 x lo6 (scm/day)(l kmov23.96 sun) = 66,777.96 kmo1/24 hr 

- 147217.73 lb mol - 
24 hr 

Q is in the formula for orifice equations according to AGA Report [140] 
has standard conditions P, = 14.73 psia and Tsc = 60°F. For those conditions 
the molal volume = 378.4 ft3/lb mol. 

Flowrate Q(scf/h) at 14.73 psia and 60°F is equal to 

2" Temperature base factor F, 

F, = 459' 67 + 59 = 0,9981 
519.67 

3" Pressure base factor Fpb 

F, = - 14'73 - - 1.0159 
14.50 

4" Gas gravity factor F, 

0.5 

1.2599 

5" Supercompressibility factor Fpv 

0.5 

F, = (k) =(A) = 1.057 

6" Flowing temperature factor F, 
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= ( 459'67+59 )" = 0.9798 
459.67 + 80.6 

7" (hwPf)0.5 = [52 x (1015.26 + 14.5) = 231.4 

8" Solve for Fb: 

Q" Fb = 
FtbFpbFtfFgrFpv (hwpf)0'5 

- 2,321,133 - 
(0.9981)(1.0159)(0.9798)( 1.2599)(1.2599)(1.0570)(231.4) 

= 6,017.6 

9" Selection of meter run (see several combinations of orifice-to-pipe ratios) 
will fall within the recommended fl ratio. 

Pipe "D" 
Orlflce 

Fh Nominal sire "d" B 
7579.2 12 11.938 6.0 0.5026 
7564.7 12 12.090 6.0 0.4963 
7640.4 12 11.374 6.0 0.5274 
777.8 8 8.071 5.75 0.7124 

The larger the run, the lower fl but the higher the cost. Once a size has 
been chosen, the values of Fr and Y, could be calculated, but the effect on 
the choice is trivial. 

Uncertalnty Limits and Fleld Problems 

No two orifice meters can be built, as a rule, to give exactly the same readings 
when the same amount of gas is flowing. For this reason, uncertainties are 
necessary for the values of the constants given in this standard. The commercial 
accuracy will be somewhat less than the accuracy indicated by the tolerance 
given for the orifice flow constants. Very exact duplication of orifice plates 
is not commercially possible. An example of the effect of uncertainties is pro- 
vided below. 

Example 18 

flow, knowing percentage uncertainty of each variable. We use the equation 
Using the flow equation, find the overall measurement uncertainty of the 
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Effect factor 
% uncertain& 

Variable of varlable (+) Exponent Square 

0.5 
0.1 
0.25 
0.05 
0.03 
0.25 
0. 7 
0.4 
0.5 
0.5 

1 

3 
3 - 
3 
Sum of squares 
Square root of sum 

0.25 
0.01 
0.0625 
0.0025 
0.0009 
0.01 56 
0.1225 
0.040 
0.0625 
0.0625 

0.6265 
0.791 5% 

As the table illustrates, the overall measurement uncertainty of the flow in 
this example is +0.7915%. The above analysis assumes constant flowrate, which 
is a rather theoretical case. 

System design must consider monthly variations in flow, daily variations in 
flow and even very short form variation in flow. One of the most difficult 
metering conditions is when the producer has installed intermitters on the well 
production. Very often in these systems, the no-flow period (or low-flow period) 
is of a relatively long duration when compared to the flow periods. The result 
is a chart interpretation that is much higher than actual flow. 

Sometimes in vacuum gathering systems, backflow may occur. In such a case 
it is possible to pay for gas twice. The gas flows through the metering system 
once as it is produced; it may flow backwards through the system into the 
reservoir when the compressor shuts down. When the compressor is restarted, 
it may be drawn through the system again and be remetered. For that reason, 
it is important to install check valves on the sublet of meter runs. 

An Electronic Measurement-The primary considerations for going to electronic 
measurement includes the fact that it is more accurate. Electronic metering units 
are more capable of following highly variable flows than a mechanical chart 
recorder. After installation of electronic systems it is possible to reduce the 
imbalance between the plant inlets vs. the field volumes to less than 2% as 
compared with a balance that frequently runs 6-8% using mechanical recorders. 

Gas Gathering 

Gas gathering systems usually consist of the piping and processing equipment 
between individual wells in a gas field and the compressor station at the inlet 
of the transmission or distribution lines. The smallest gathering system consists 
simply of two or more gas wells interconnected by piping and tied directly into 
a distribution system. For large fields and for several interconnected fields 
involving hundreds of miles of piping, gathering systems may include such 
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equipment as drips, separators, meters, heaters, dehydrators, gasoline plant, 
sulfur plant, cleaners and compressors, as well as piping and valves. 

Depending on local conditions, there are a few types of gathering systems. 
The basic systems are axial, radial, loop and their combinations (see Figures 6- 

The choice between the gathering systems is usually economic, but technical 
feasibility is also important. Special attention is paid in the solution of complex 
transmission systems to express the various lengths and diameters of the pipe 

232 and 6-233). 

Q 

,Well Heads 
I 

Flgure 6-232. Simple gathering systems; a) an axial, b) a radial, c) loop. 
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a 

b 

/ I  \\b \ " -  
Central Gathering Station 

\ 

,Trunk Line 

Figure 6-233. A combination of gathering systems: a) well-center, b) trunk-line. 

in the system as equivalent lengths of a common diameter or equivalent diameters 
of a common length. Equivalent, in this case, means that both lines will have 
the same capacity with the same total pressure drop. 

Flow Equations for Steady State 

Commonly used equations for gas flow are given below: 
(a) Basic equation 
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Q,, = K( ?)l.ma[ (P: - P:)D5 ]"(E) 
fSG,LT ,2 , 

where K = 38.774 is in English units 
= 5.62 x lo5 is in SI units 

(b) Weymouth equation 

where K = 433.5; f = 0.008/D0.33 is in English units 
= 1.162 x 10'; f = 0.0109/D0.33 is in SI units 

(c) Panhandle A equation is 

where K = 435.9, f = D)0.1461 is in English units 
is in SI units 

d) Panhandle B equation is 

1.050 
(Pt - P:)D4.961 

Q==K(?]  [ SGigslLT ,Z, 

(6-314) 

(6-3 15) 

(6-316) 

(6-3 17) 

where K = 737, f = D)0.039** is in English units 
is in SI units 

e) The Clinedinst equation in English units is 

Values of the integral functions 1: (P,/Z) dPr are tabulated in Table A-6 of 
Katz [144] or in Table 7-1 of Kumar [145]. 

The constants in the equations of (a)-(e) are as follows: 

Q, = gas flowrate at Tsc, PI ,  in scf/d or scm/d 
P, Psc = absolute pressure at standard conditions in psia or kpa 
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Tm, Tsc = mean absolute temperature of line at standard conditions in OR or K 
D = inside diameter of pipes in in. or m 
L = pipe length in mi or m 
p = viscosity in lb/(ft s) or Pa . s 
y = relative gas density (air = 1.0) 

Zm = mean compressibility factor 
E = pipeline efficiency 
Re = Reynolds number 
PI = pseudocritical pressure 

g 

Pipeline efficiency is a correction for small amounts of liquid, general debris, 
weld resistance, valve installations, line bends, and other factors that reduce the 
gas flowrate to a point below the basic equation of state. The design value of 
“E” in a new clean gas line usually is estimated as 0.92. Some companies 
arbitrarily use a graduated “E”: 

E = 1.0, new straight pipe without bends, very seldom used in design 

= 0.95, excellent conditions (with frequent pigging) 

= 0.92, average to good conditions (normal design) 

= 0.85, adverse, unpigged, old dirty pipe 

Equations 6-313 to 6-317 are equations for steady-state flow of gas through a 
horizontal pipe. These equations assume: 

. no mechanical work is done on the gas between the points at which the 

negligible kinetic energy change 
pressures are measured 

The Weymouth equation was devised for sizing gas lines operating at pressures 
from 35 to 100 psig if Z = 1.0. By including the compressibility factor, the 
Weymouth equation showed reasonable agreement with metered volumes, for 
field gathering lines operating at 1,000 to 3,200 psig. The Weymouth equation 
is used most often for designing gas gathering and transmission systems because 
it generally maximizes pipe diameter requirements for a given flowrate and 
pressure drop. 

Example 18 

A pipe line is to be designed to transmit 300 MMsf/d measured at 60°F and 
15.025 psia. Specific gravity of the gas is 0.71. Flowing temperature is expected 
to average 60°F while barometric pressure is to average 14.3 psia. It has already 
been decided that 24-in. pipe will be used (ID = 23.2 in.) and that discharge 
and suction pressures at the compressed stations will be 800 psig and 350 psig, 
respectively. How far apart will the compressor stations be? Use the Weymouth 
and Panhandle equations, where Z = 0.86, E = 0.92. 

From Equation 6-315 
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Substituting the given values into the equation gives 

3 0 0 ~ 1 0 ~  = ( - 519.67 [ (814.3’ - 364. 3’)(23.2)L3u]0.5(E) 
15.025 (0.71)L( 519.67)(0.86) 

2855.7 x L = 2285423’ 

= 80.03E’ 

if E = 1.0, then L = 80.03 mi 

if E = 0.82, then L = 67.74 mi 

From Equation 6-316 

0.5394 ( ;;95;; ).Om[ 530,370 x 23.24.854 300 x lo6 = 435.87 - 
(0.71)“* L( 519.67)( 0.86) 

530,370~ 4,246,964.97]a5N4(E) [ 33.58L 

= 13.3173 

If E = 1.0, then L - 121.5 mi 

If E = 0.92, then 1 = 104.1 mi 

From Equation 6-317 
0.51 

300 x lo6 = 737( -) 519.67 ”O‘ [ (814.3‘ -364.32)23.24.861 
15.025 (0.71)L(519.67)( 0.86) 

L = 99.4 

Panhandle equations “A” and “B” give good results for pressures’ higher than 
100 psia and diameters larger than 8 in. and for systems operating at Re > lo5. 

In our example, because of the large diameter of pipe being used, L = 104.1 
mi is the correct answer. 

Example 19 

Suppose that the pipeline of example 18 has been built and that at some later 
date the capacity of the line is to be increased to 320 MMcf/d by lowering the 
suction pressure at the stations. If E = 0.95, what suction pressure would be 
required? Use the Panhandle “A” and “B” equations. 

Using Panhandle “A” equation 
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(320)( 106)’.8j59(15. 025)(520)(0.86)(0. 71)0.854( 104.1) 
(0.95)’.8559(435.87)1.ffi39(520)*(23.2)4.854 

= (84.3)2 - 

= 100,183 

P, = 316.5 psia 

Using Panhandle “B” equation 

(320)( 106)’.96( 15.025)* (520)(0.86)( 0. 71)0.961( 99.4) 
(0. 95)1.96(737)1.96( 520)* (23. 2)4.96’ 

P: = (814.3)* - 

= 100,183 

P, = 313.1 psia 

Complex Gas Flow Systems 

A situation often required to increase the flowrate per unit pressure drop in 
a system. The common way to solve this problem is to place one or more lines 
parallel to the original, either partially or throughout the entire length of the 
system (see Figure 6-234~). If the lines are of equal length (AP/L), = (AP/L), 
and if a line 1-2 is partially looped with B length, LA = L, 

The pressure loss due to friction in the looped position plus that in the 
unlooped portion must equal the total friction loss: 

( + (5). - x) = total APf 

The purpose of the second line B is to decrease the pressure drop between 
points 1 and 5, compensating for the increased pressure between points 3 and 
2, the unlooped portion, with the required increased flow. 

The basic equations (6-314) m a y  be used to anticipate rates and sizing of lines, 
which could be expressed as 

The flow of gas in “n” number of horizontal parallel looped lines is 

Q = K ( $ ) w [ S ) ( $ + * + - - -  D2.5 

. 
De 



842 Production 

U 

b 2 

------- 

C 
------- L L' 

Figure 6-234. Complex pipelines: a) the looped pipeline system, b) the series 
pipeline system, c) the equivalent lenth and diameter. 

The equivalent diameter De of a single line having the same capacity as the 
foregoing set of parallel lines is 

Combining both an equivalent length, Le, and equivalent diameter, De, terms: 

(6-3 19) 
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In Equation 6-319, one usually chooses a diameter De, equal in size to the 
unlooped portion, then calculates the equivalent Le (corresponding to that AP 
characteristic of the actual looped section). This Le is added to the length of 
the unlooped portion. Table 6-62 summarizes other complex gas flows. For more 
details see books [136,144-1461. 

Example 20 

A brand line is laid to move gas a distance of 60 mi from a junction on the 
main line to a city. The line is to transmit 23 MMcf/d of 0.73 gravity gas, 
measured at 60°F and 14.65 psia. Flowing temperature will be 65°F at 14.65 
psia. Pressure at the junction is 620 psia and the gas is to be delivered to the 
city gate at 100 psia. The objective is to minimize the investment in pipe by 
laying a line consisting of two sizes in series. The following sizes are available: 

Nomlnal Size (in.) Internal diameter (In.) 

6 6.065 
8 8.071 

10 10.192 
12 12.090 

Table 6-62 
Equations for Complex Gas Flow 

Equivalent Diameter 
or Length-Loops 
De or L 
Loops-Diameters 
and Fiowa Vary 
XI-- Fraction Looped 

Enure Line Looped 

Diameters of Original 
and Parallel Lines 
are the same 
Xf=FractionLooped 
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Which two of the above pipe sizes should be used, and how much of each 
should be laid? Disregard the compressibility factor and pipeline efficiency in 
this problem. 

60 MILES 

Find De from Weymouth Equation 6-315: 

y5.sss 

Zm = E = 1.0 

= 9.19023 

For Case I, assume D, = 8.071, D, = 10.192, LA + L, = 60, LA = 60 - L,, 
& = 60 - LA or 

Yl6 9y16 

D, = D,(?) =..(A) 60 - LA 

Yl6 

9.19023 = 10.192( A) 60 - LA 

LA = 21.92(DA = 8 in.) 

and 

L, = 38.08(DB = 10 in.) 

For Case 11, assume D, = 10.192, D, = 8.071 
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b 
60 MILES 

W6 

9.19023 = 8.071 - ( 60yLA)  

L A  1.9989 = - 
60- LA 

LA = 39.99 = 40 mi (D, = 10 in.) 

4 = 20 mi (DB = 8 in.) 

Both cases, more or less, in given conditions give similar results. As a solution, 
it is better to take LA = 21.92 with D, = 8 in. and LB = 38.08 with D, = 10 in. 

Example 21 

Two lines, AC (5-in. ID, 4.5 mi long) and BC (5 in. ID, 3.8 mi long), emanating 
from leases A and B, respectively, terminate at the gathering station at C. From 
C a single 11.5-mi, sin. ID pipeline leads into the regional trunk line at D, where 
the gas must be delivered at 520 psig. Lease A produces 5 MMscfd of 0.65 
gravity gas, while lease B produces 7 MMscfd of 0.68 gravity gas. What pressure 
should the gas be compressed to at (a) lease A and (b) lease B to enable delivery 
of gas to the trunk line? E = 0.92. 

Assume a flowing temperature of 85OF, and horizontal flow system. Ps, = 14.73 
psia, Tsc = 60°F. 

1 
D 
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AC = 4.5 mi, ID 
Q = 5 MMscfd 
BC = 3.8 mi, ID 

= 5 in., 

= 5 in., 
Q = 7 MMscfd 
CD =11.5 mi, ID = 8 in. 
First, the pressure at point C is necessary to find: 

5 x 0.65 + 7 x 0.68 
12 

SG, = 

= 0.6675 

Apply the Weymouth equation for section C-D; 

SGBav = 0.6675, Tpc = 378"R, PF = 668 psia 

z = 0.91 

[ 520 )[ P: - (534.73)p816/3 
O'' 

12X1O6 = 433.5 - 
14.73 ] 0.92 

(0.66?5)( 1 1.5)( 545)( 0.91) 

P, corresponds to Pc 

Pc = 572.8 

Section B-C 

SGg = 0.68, Tpc = 384"R, Ppc = 668 psia 

z = 0.9 

60+ 460 (Pi -572.82)516/3 7 x lo6 = 433.5 - ( 14.73 )[ (0.68)( 0.9)( 545)(3.8) 
P, = 621.8 psia 

Section A-C 

SGp = 0.65, Tpc = 373"R, PF = 670 psia, Z = 0.9 

r0.92 60 + 460 5 x lo6 = 493.5 - (Pi  - 572. 8n)516's ( 14.73 )[ (0.65)(0.9)( 545)( 4.5) 
PA = 601.6 psia 

Example 22 

A portion of a large gas-gathering system consists of a 6.067-in. ID line 9.4 
mi long, handling 7.6 MMscfd of gas 0.64 gravity. The pressure at the upstream 
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end of this section is 375 psig and the average delivery pressure is 300 psig. 
The average temperature is 73°F. Due to new well completions, it is desired to 
increase the capacity of this line by 20% by looping with additional 6.067-in. 
pipe. What length is required? 

From Table 6-61, if the Weymouth equation is used, then 

x, = = 0.4014 

6.067 + 6.067 

The length of looping pipe required = 0.4074 x 9.4 = 3.83 mi 

Compressor Stations 

A compressor station is one of the most important elements in a natural gas 
pipeline system. Compressor stations supply the energy to pump gas from 
production fields, overcome frictional losses in transmission pipelines and pump 
gas into storage reservoirs. 

Depending on its purpose, a compressor station generally falls into one of 
three distinct classifications: production, storage and transmission. 

Production stations are used in the natural gas production field to pump gas 
from the well head to the pipeline system. They usually are designed for 
unattended operation with a life expectancy comparable to that of the produc- 
tion field. Unitized, skid-mounted, medium to high-speed, packaged compressor 
units in the 50 to 1,000 hp (35 to 745 kW) range often are utilized for this 
type of service. Operating pressures in production stations vary widely. The 
suction pressure may be required to go subatmospheric, while the discharge 
pressure could be as high as 1,000 psig (6,900 kPa). 

Storage stations are used primarily to pump gas from a transmission pipeline 
into an underground gas storage field during the injection period. In addition 
to injecting gas during the storage season, some are used to pump gas from 
the storage field to the pipeline during the withdrawal period. Most storage field 
compressors are designed to operate over a broad range of volumes and 
pressures. A typical storage station would contain several reciprocating com- 
pressor units ranging in size from 1,000 to 6,000 ‘hp (745 to 4,475 kW) each. 

Transmission stations are the most common type. They generally contain 
several large compressor units at one location, each having a power rating 
or 1,000 to 20,000 hp transmission pipeline. Their purpose is to move gas 
from one station to the next. Operating pressure seldom exceeds 1,000 psig 
(6,900 kPa). Designed for long life, 50 years or more, and intended to operate 
year-round. 

Independent of compressor station sort, three types of compressors are used 
reciprocating, centrifugal and axial. See Figure 6-235. Reciprocating compressors 
are considered for applications where the inlet gas rate is about 3000 acfm or 
less. They are favored for low-f low, high-pressure service, compression ratio 2: 1 
to 4:l. They are available in sizes up to 15,000 hp (11,190 kW). 

Centrifugal compressors are used for the inlet gas rate 500-200,000 acfm, low 
compression ratio 1.1:2 and range power 1,000 to 30,000 up (746-22,380 kW). 

For axial-flow compressors, with the inlet gas rate at 75,000 to 600,000 acfm, 
smaller axials are available (down to 20,000 acfm), but centrifugal compressors 
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Inlet Flow, acmm 

0.28 2.83 28.32 283.20 2832 28320 
1 0 6 ,  I I I I 

l o 5  

l o 2  

10 

689478.00 

68947.80 

6894.76 

889.48 

88.95 

6.89 

Inlet Flow. actm 

Flgure 6-235. Approximate ranges of application for reciprocating, centrifugal 
and axial flow compressors. 

are preferred at these capacities. Axial compressors are more efficient than 
centrifugal compressors. 

Reciprocating Compressor Calculations 

The events during this cycle are as follows: 
Figure 6-236 illustrates an ideal compression cycle on a pressure-volume cycle. 

Compression (points 1 to 2). The piston has moved to the left, reducing the 
original volume of gas with an accompanying rise in pressure. Valves remain 
closed. The P-V diagram shows compression from point 1 to point 2 and 
the pressure inside the cylinder has reached that in the receiver. 
Dischulge (points 2 to 3). The discharge valves are opened just beyond point 
2. Compressed gas is flowing out throughout the discharge valves to the 
receiver. After the piston reaches point 3, the discharge valves will close, 
leaving the clearance space filled with gas at discharge pressure. . Expunsion (points 3 to 4). During the expansion stroke, both the inlet and 
discharge valves remain closed and gas trapped in the clearance space 
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B) DISCHARGE 

INLET PRESSURE 
1 

C) EXPANSION 

I IReCENERPRESWRE 

- -  a 

0) SUCTION 

I k  1 

- 

Figure 6-236. P-N diagram illustrating ideal reciprocating compression of gases. 

increases in volume, causing a reduction in pressure. This continues as the 
piston moves to the right, until the cylinder pressure drops below the inlet 
pressure at point 4. 
Suction (points 4 to I). At point 4 the suction valve opens and permits gas 
at suction pressure to enter the cylinder as the piston moves from point 4 
to point 1. 

To determine the quantity of gas that a specific compressor can pump, the 
displacement volume of gas at suction conditions and suction volumetric 
efficiency must be known. 

The displacement of a compressor is expressed in cubic feet per minute 
(ft3/min), cubic feet per second (ft3/s) or in cubic meters per second (m3/s). 
Figure 6-236 shows the cycle as related to a single-acting compressor (compres- 
sion occurs only on one end of the piston). Most reciprocating compressors in 
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the gas industry are double-acting. Gas is compressed alternately on each end 
of the piston. For single-acting compressors: 

( ft '/An) A , x L x M  
1,728 

PD = 

or 

and for double-acting compressors 

( ft '/min) (A, + A , ) x  L x N 
1,728 

PD = 

(6-320) 

(6-321) 

or 

(m'/s) 
(A, + A , )  x L x N 

6 x lo9 
PD = 

where PD = piston displacement in ft3/min or m3/s 

L = length of stroke in in. or mm 
N = compressor rotation speed in rpm 
A, = area of crank end of the piston in in.2 or mm2 

4 = area of head end of the piston in in.p or mmp 

Most compressor manufacturers publish data listing displacement at full 
compressor speed for each size cylinder that is manufactured. 

Volumetric efficiency EY is the ratio (%) of the actual delivered volume 
f lowrate (at inlet conditions) to the piston displacement. The volumetric efficiency 
factor may be calculated as follows: 

E, = l O O - L - C l x [ ~ [ ~ ~ - l ]  (6-322) 

where E, = volumetric efficiency factor in % 
C1 = cylinder clearance expressed as a percentage of piston displacement 
P, = pressure at the discharge flange in psia or kPa 
Ps = pressure at the suction flange in psia or kPa 
k = ratio of specific heat capacities (adiabatic exponent), Cp/Cv 
L = volumetric efficiency correction factor in %, L = PJPl 
Zs = compressibility factor at suction conditions 
Z, = compressibility factor at discharge conditions 

PJP. = r, the compression ratio 

Compressor cylinder capacity Q may be found from the following: 
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Q = PD x E, x PJP, x 14.4 x (MMcf/d) (6-323) 

or 

Q = PD x E, PJPa x 864 (m3/d) 

where Q - cylinder capacity in desired units at the prevailing inlet temperature 
and the base suction pressure in MMcf/d or ms/d 

Pa = base reference pressure in psia or kPa 

PD, E,, PI are as in Equation 6-322. 
If the base reference pressure is 14.4 psia (99 kPa), the cylinder capacity at 

this base reference pressure and prevailing temperature is 

Q = PD x E, x P, x (MMcf/d) (6-324) 

or 

Q = PD x EY x P, x 8.73 (m3/d) 

Q represents the actual displaced quantity of gas in MMcf/d (m3/d), corrected 
only for pressure to a base of 14.4 psia (99 kPa) at the prevailing suction 
temperature. According to IS0 5024 scm has only one set of reference con- 
ditions: Pa = 101.325 kPa and T = 15°C. In the United States, T = 15.5OC (60'F) 
and pressures differ in the various industries. 

where Qd = rate of flow in 
Q = rate of flow in 

(6-325) 

MMscf/d or scm/d 
MMcf/d or m3/d 

Pi = reference base pressure in psia or kPa 
P, = pressure base or standard pressure in psia or kPa 
T, = temperature base or standard in OR (K) 
T6 = suction temperature in "R (K) 
Zs = compressibility factor at inlet conditions 

For power P many methods are available to determine the power required to 
compress a given volume rate of gas between two pressure levels. The theoretical 
adiabatic power requirement, taking volumetric efficiency into account, can be 
calculated as follows: 

P, = 4.3636 x 10" x P, x PD x k/k-1 [fl-lm- l]Ev (6-326~) 

where P is in hp or, in the SI System, 

P, = 1.6672 x lo-* x P8 x PD x k/k-1 [flk-lm- l]Ev (63266) 

where P is in kW 
If compressor capacity is given in mass flowrate, then for Case I 

VI = v, + z, = 2, = 1 
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P, = 0.2618 PsVsk/k-l [r" - - 11 
where P, power is in hp 

P, suction pressure is in psia 
V, flow rate at suction is in scf/s 

and in the SI System 

P, = PsVsk/k-l [dk-')Ik- 11 

where PJkW) = power in kW 
PJkPa) = suction pressure in kPa 

Vs = (scm/s) = flow rate at suction (scm/s) 
Vs = Vsm(k/s x m3/kp) + (m3/s) 

For Case I1 

VI # vs + z1 # zs 

P, = const VJP/T)MTsZaw(k/k-l) (dk-'Vk - 1) 

where const = 0.2618 for the English System 
= 1.0 for the SI System 

Vs = is in scf/s or scm/s 

T- = suction temperature in OR or K 
P,T = standard conditions in psia, OR or kPa, K 

(6-3274 

(63273) 

(6-328) 

z; = (Z, + Z,)/2 - 
T, = TS[(PdP,)"'Ik 

The actual brake horsepower (ABHP), or the power to the shaft, is calculated as 

(6-329) 

The adiabatic efficiencies for commercial machines are as follows [147]: 

0.83 to 0.94 for a cylinder of a reciprocating compressor 
0.60 to 0.65 for Roots blowers 
0.80 to 0.85 for screw-type rotary compressor 

Compression ratio r = Pd/P, when this value is higher than 3.5; a multiple-stage 
machine may have to be used. There are several reasons for considering 
multistage compression systems: 

to avoid high temperatures [350-380°F ( 180-200°C)] 
to optimize the mechanical design of the compressor 
to minimize compression power 

The total power is a minimum when a ratio in each stage is the same. 

rqt = (rt)l/' = (PJP,)l/s 
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where S = number of stages required 
rvt = optimum compression ratio per stage 

If intercoolers are provided between the stages, reduce the theoretical intake 
pressure of each stage by about 396, so 

rapt = (rt/0.97)Vs 

Example 23 

(6-330) 

A compressor station is to handle 54 MMscfd of 0.65 relative density gas. 
Suction temperature will be 70°F and suction pressure 190 psia. Discharge 
pressure will be 1,500 psia. Calculate the brake horsepower required for two- 
stage compression with intercooling at 70°F. Other data observed: qd = 0.85, 
q, = 0.97, T, = 60”F, PIK = 14.5 psia. 

Flowrate V = 54 x lo6 scf/day = 625 scf/s 

SGg = 0.65 

TI = 70°F = 530”R 

Ps = 190 psia 

1. Single-stage compression, from Equation 6-328, is calculated by 

P, = 1,500 psia 

Pd = 0.2618V(P/T)scTsZaw k/k-1 [(PJP,)”-’/” - 11 

zq = + 

M = 28.96 x 0.65 = 18.8 

For the given molecular mass, from Figure 6-231, 

Ppc = 674 psia, TF = 324”R 

p, = 190/674 = 0.282, T, = 530/324 = 1.64, ZB = 0.97 

T, = 530(1500/190)(k-1)/k 

T, = 811.8”R 

Pr = 1500/674 = 2.23, T, = 811.8/324 = 2.51, Z, = 0.99 

k = 1.26 (from Figure 6-237) if T = 530”R 

0.97+0.99 = om98 z, = 
2 

70 + 352 
2 

T, = - = 211°F 

k = 1.23 (from Figure 6-237) 
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1.08 1.12 1.16 1.20 1.24 1.28 1.32 

Specific Heat Capacity Ratio (k Value), MCdMC, 

Figure 6-237. Approximate specific heat capacity ratios of hydrocarbon gases. 

a syl. 4s (~~~)530(0.98)- 1 23 1,500 
1.23 - 1 [ (190) - '1 = 5' 977 P, = 0.2618~625 - 

2. Twestage compression is calculated by 

r r  = - 500 - - 7.89 total compression ratio 
190 
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rapt = (7.89/0.97)0.5 = 2.85 compression ratio per stage with intercoolers 

The calculation for the first stage: 

P,, = rPsl = 2.85 x 190 = 541.9 

For 

TI = 70°F k = 1.26 

For 

T, =- 70+198 = 134"F(294"R) k r1 .26  
2 

Zs = 0.97 (from Figure 6-231) 

Pad = 0.2618~6.25  - 1405 5 3 0 ( 0 . 9 7 ) G [ ( 1 9 0 )  1 26 541.9 
-11 ( 520 

= 2,744.4hp 

The calculation for the second stage: 
Because of intercooling 

T, = 70°F = 530"R PI = 541.9 k = 1.24 

(1.94-1y1.44 

T, = T ,  (ir:) - = 85.2"F 

ZavB = 0.9 

H, = 0.2618x625 - 14.5 SSO(0.9)- 1 27 [ ( ~ y 5 ~ ~ ) 0 ~ 9 v ~ n ' ~ l ]  - = 2,473.9hp 
( 5 2 0 )  1.27-1 541.9 
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ABHP = 2y473.9 = 3,000.54 
0.85 x 0.97 

Total ABHP = 3,000.54 + 3,328.6 = 6,329.1 hp 

Example 24 

A branch pipeline is to move 40.0 MMscf/d of 0.69 relative density gas from 
a junction on the main line to a city, a distance of 100 mi. The line will be a 
10-in. line (internal diameter 9.562 in.). The gas will enter the branch line at a 
pressure of 750 psia and is to be delivered to the city gate at a pressure of 
80 psia. The flowing temperature will be 50'F. Pressure on the pipeline is not 
to exceed 1,000 psia. One compressor station will be needed. If the compressor 
station should be located at the midpoint of the branch line, what would the 
required brake horsepower be? Where should the compressor station be located 
for the minimum horsepower requirements? Assume that Z = 1.0, k = 1.30, 
E = 1.0, qa = 0.85, qm = 0.97, Tlc = 6OoF, P, = 14.696 psia. 

1. Solve the Weymouth equation if the compressor is in the midpoint: 

PI = ? 

519.67 (9.562)'13(750' - P:)]'" l .o  40 x lo6 = 433.5 - ( 14.696)[ 0.69100(509.67)(1) 

(1,188.16)' = 750' - Pf 

It is impossible. 
2. At what point downstream reaches 80 psia? 

519.67 (9.562)'q3(750' - 802)]"' 40 x lo6 = 433.5 - 
(14.696)[ 0.69(509.67)(X) x 1 

X = 39.4 mi 

3. What is the minimum discharge pressure for compressors? 

(519.67)[ (9.562)'"(P: - 80') 40 X lo6 = 433.5 - 
14.696 0.69(509.67)(100- 39.4) 

P, = 928.3 psia 

0.2618(1.3)463~ 14,696x509.67 ABHP = 
(0.3)(0.85)(0.97)(519.67) 

= 6,984.6 hp 

To minimize ABHP it is necessary to use stage2 compressors because r = 11.6 
and maximum r should not be higher than 6. 
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Alternative Solution 

The equation for the upstream section is 

(9.56S)'q3(750* - Pf) 
(0.69)(509.67)(1)X 

4Ox1O6 = 

6,800,709X = 482.14(750* - P:) 

14,105.3X = 7502 - Pf 

The equations for the downstream section are 

40 x lo6 = 14,338.5 
100 - x 

14,105.3(100 - X) = P, - 80' 
PJ = 1,416,930 - 14,105.3X 

Solving these two equations gives 

14,105.3X = 1,416,930 - P,' 

= 75OP - P: 

If Ps = 80, Pd = 927.8 

If P, = 1,000, Ps = 381 

0.2619(1.3)(463)(14,696)(509.67) ABHP = 
(0.3)( 0.85)( 0.97)(519.67) 

= 2,790 

The minimum hp requirement for suction pressure to compressor will be 381 psia. 
It corresponds to X equal to 

14,105.3X = 750' - 381' = 417,339 

X = 29.58 mi 

Uslng Molller Charts for Compressor Calculations 

Mollier charts are forms in which gas properties such as pressure, specific 
volume, temperature, entropy and enthalpy are presented. Gases are generally 
plotted as pressure against enthalpy or enthalpy-entropy. The enthalpy-entropy 
plot is a good technique for solving compression problems (isentropic compres- 
sion). The key assumptions in this approach are that the process is adiabatic, 
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Q = 0, reversible, S = const, and lost work due to friction and kinetic energy 
changes are neglected. 

W = AH = n(h, - h,) (6-331) 

where W = work done by the compressor on the gas in Btu or kJ 
AH = change in enthalpy of the gas in Btu or kJ 

n = number of moles of gas being compressed in lb mole or kmol 
h,, h, = enthalpies of the gas at the compressor inlet and discharge, respec- 

tively, in Btu/lb mole or kJ/kmol 

Necessary data include inlet gas rate, pressure, temperature and composition, 
plus outlet pressure. The corresponding outlet temperature is found from these 
data by assuming S, = S,, using an iterative process. 

Figure 6-238 shows a qualitative sketch of an enthalpy-entropy chart, illus- 
trating two-stage compression with intercoolers and aftercoolers. Point 1 is the 
initial state of the gas as it enters the compressor. Path 1-2 shows the first stage 
of compression. The gas is then cooled in the intercoolers at constant pressure 
2-3; the difference in enthalpy along this path is equal to the heat removed in 
the intercoolers. Path 3 4  shows the second stage of compression. Path 4-5 shows 
cooling at constant pressure in aftercoolers. The temperatures at points 2 and 
4 are the temperatures of the gas at the end of the first and second stages of 
compression. The temperatures at points 3 and 5 are the temperatures to which 
the gas is cooled in the intercoolers and aftercoolers. The ideal compression 
power (or rate of work) required is given by 

(6-332) 

where P = compression power required in Btu/day or kJ/day 
t = time for compression in days 

Power requirement = Btu/day + HP 

1hP 778.2ft lb,/min n(h, - h,)/t Btu/day HP = 
33, OOOft lb,/min Btu/min 1,440 midday 

Example 25 

A reciprocating compression system is to be designed to compress 10 MMscfd 
from 100 psia and 80°F to 2,200 psia of the gas as follows: C, = 0.9233, C, = 
0.0488, C, = 0.0185, i-C, = 0.0039, n-C, = 0.0055. The gas is cooled with 
intercoolers and aftercoolers to 120°F. 

Find 

a. molecular mass of gas and compression ratio 
b. brake hp using the analytical method 
c. brake hp using Mollier diagram method 
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b) Arrangement with intercoolers and after coolers 

c) Enthalpy-Entropy diagram 

Figure 6-238. Two-stage compression. 
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d. estimate the cooling requirements from the results of part (c) 
e. From the results of part (c), determine whether the f i t  stage can be handled 

by a compressor with a speed of 1,200 rpm, piston diameter of 12 in. and 
stroke length of 3 ft. Assume that q, = 0.82, CL = 0.08, Zs = Z, = 1.0 

(A) For given composition calculate molecular mass 

M = Z Y , M ,  = 17.641bm/lbmole 

SG, = - l7 64 - = 0.61 
28.97 

Tpc = 363"R 

Using Ps = 100 psia, TI = 80°F, we find T, and Pr and use charts 

Zs = 0.985, k = 1.28 at T = 80°F (from Figure 6-36) 

Ppc = 668 

Compression ratio is calculated from 

Assuming two-stage compression 

r = (22)O.j = 4.69 
OPf 

if intercooling is not provided or 

ropt = (22/0.97)0.5 = 4.76 

if intercooling is provided. 

intercooling, is calculated 
(B) Brake horsepower using the analytical method, two-stage compression with 

Q = 10 MMscfd = 115.7 scf/s 

P = 14.7 T = 520 
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for TavB = 190°F k = 1.26 

P, =0.2618(115.7) (ii:) - 540(1) ( - lmiz: 1)(4.76°.2grrs - 1) 

= 851.1 hp 

Stage I1 

2, 0. w. 56 

T, = 580( -) = 795" R 
476 

k = 1.25 for TW = 228°F 

= 922.4 hp 

851.1 + 922.4 - 1,773.5 - 2, 163 hp ABHP = _-- 
rl, 0.82 

(C) Brake horsepower using the Mollier diagram (use any H-S chart for 
natural gas with y, = 0.61) is calculated. 

At the first stage: 

P, = 100 psia at 80°F and P2 = 476 psia 

when Ah,-, = hg - h, = 2,200 - 400 = 1,800 Btu/lb mol 

Cooling in intercoolers at constant pressure of 476 psia to T = 580"R (120°F) is 
calculated as 

Ah2-, = h, - h, = 600 - 2,200 = -1,600 Btu/lb mol 

At the second stage: 

Ps = 2,200/4.76 = 462 at 120°F P, = 2,200 psia 

Ah,, = h, - h, = 2,900 - 600 = 2,300 Btu/lb mol. 

Cooling in aftercooler at constant pressure of 2,200 psia is 

Ah,, = h, - h, = -200 - 2,900 = -3,100 Btu/lbmol 
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Gas flow in number of moles is 

h - l o x  106scf lbmol = 26,364 lb mol - -  
t day 379.3scf day 

HP = 1 . 6 3 7 6 ~  10” 

ABHP=-- 1y700 - 2,159 
0.82 

(D) The cooling requirements are the following: 
Heat load on intercooler is 

- - 1 , 6 0 0 ~ ) (  26,364- lb mol 
lb mol h Y  

= -4.218 x lo7 Btu/day = -691 hp 

Heat load aftercooler is 

= -8.173 x lo7 Btu/day = -1,338 hp 

Total cooling requirements are 

-691 - 1,338 = -2,029 hp 

(E) From the results of part (D), determine whether the first stage can be 
handled by a compressor with a speed of 1,200 rpm from Equation 6-322: 

E, = lOO-L-Cl[k(?) 1/1: -11 

E, =100-4.76-8 - -1  =75.6% [(e)”” ] 



Gas Production Engineering 863 

From Equation 6-327a 

HP = 4.3636 x 10” x 100 x PD x 1.26 (4. 76°.‘@.26 - 1)76% = 1,726.2 
0.26 

Answer 

Yes, it can easily handle the necessary rate. The firststage theoretical power 
needed is 851.1 hp using the analytical method; it is 777.1 hp using Mollier charts. 

Centrifugal Compressors 

Centrifugal compressors have become very popular because they offer more 
power per unit weight and are essentially vibration free. This makes them 
particularly attractive for offshore locations or where air transportation to remote 
locations is necessary. The performance of a centrifugal compressor usually is 
measured and described in terms of head, volume flow, efficiency and power. 

Head is a measure of the energy input per unit mass into the gas stream by 
the compressor. It is produced by the velocity changes in the gas flow resulting 
from the action of the impeller. Since the compressor geometry remains constant 
(as contrasted with a reciprocating or positive-displacement compressor), a 
variation of flow will cause changes in velocity. This, in turn, causes a varying 
head. A compressor operating on a given gas at a fixed speed will produce a 
head versus volume flow relationship that essentially remains constant; that is, 
for each value of flow there is a corresponding value of head. Since head is 
produced by velocity changes that are dependent upon volume rather than gas 
properties or conditions, the characteristic head versus volume curve is indepen- 
dent of the gas involved. Although the head versus volume characteristic can 
be considered constant, the pressure ratio and volume changes vary greatly from 
one gas to another. Theoretical head may be calculated as follows: 

&-W. 

H, = Z,RT, r[ k - 1  [ 5) P, 
- 11 

where Had = adiabatic head is in desired units, ft x lb/lb or J/kg 
Zs = compressibility factor at compressor suction conditions 
k = mean ratio of specific heat capacities, cp/cv’ where k = (ks + kd)/2 
R = specific gas constant for a particular gas: 

M = molecular mass of gas in lb/(lb mol) or kg/kmol 
1545.3/M [ft x lb/lb OR)] or 8.314/M U/(kg x K)] 

In the above equation, the value of the polytropic exponent n may be substituted 
for k. This will yield a polytropic head, which more closely will represent the 
actual process. The polytropic exponent must be developed experimentally. It 
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can be seen from the above equation that the head is dependent upon the ratio 
of specific heat capacities, molar mass of the gas, inlet temperature, and 
compression ratio. Conversely, the molar mass of the gas, inlet temperature, 
compressibility factor and k-value determine the pressure ratio resulting from 
the head developed by a stage of compression. 

Volume Flowrate. Variations in volume flowrate affect the head developed by 
an impeller. The specific shape of the head-flow curve is a function of the stage 
geometry, that is, the inlet guide vane angle, impeller blade angle, and outlet 
diffuser construction. When describing centrifugal compressor performance it 
is necessary to convert the mass flow in lb/h (kg/h), or volume flow in MMscf/d 
(scm/d), to actual volumetric rate at the inlet conditions. This is the volume of 
gas that actually is entering the eye of the impeller. 

To convert the volumetric f lowrate from reference conditions to suction 
conditions, the following is used 

P T  Q,, = 694Q,, 2 (ft’/min) 
ps Tb 

or 

Q,, = 1 .1574~  10-’QltdZ, -- pb Ts ( ~ ’ / S I  
’s Tb 

(6-333a) 

(6-333b) 

where Ct = actual inlet volumetric flowrate in desired units: fts/min or m3/s 
at T., P. 

&, = volukehic flowrate at base conditions in MMscf/d or scm/d at 
Tb’ ’b 

When the original data are reported as mass flow per hour, the actual 
volumetric flowrate can be determined by multiplying the mass flowrate by the 
specific volume value [ft5/lb (m3/kg)] and dividing it by the appropriate factor 
to account for differences in time base [60 min/hr (3,600 s/hr)]. 

Power. The theoretical equation for gas hp or kW for centrifugal compressor is 

P, = 8.179 x 1O4H,Q,y - p, 
*,Ts 

and in the SI unit system 

P P, = H,Q,SG - 
287Z,T, 

(6-3344 

(6-3343) 

where P, = input power to the gas stream in desired units, hp or kw 
SGg = gas relative density 

To account for the aerodynamic losses, it is necessary to replace H, with 
H’/q’, where H’/q’ is the adiabatic or polytropic head divided by the cor- 
responding adiabatic or polytropic efficiency. 
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In addition to the aerodynamic losses, there are mechanical losses due to seal 
and bearing friction. For service design purposes, the mechanical losses for 
centrifugal and rotary compressors over 1,000 hp (746 kW) can be assumed to 
be 35 hp (26 kW) for bearings and 35 hp (26 kW) for oil-type shaft seals; below 
that size, losses will amount to 1 to 3%. In any case, these losses are included 
in the mechanical efficiency factor. Therefore, the required shaft power is 

p,, = PArn (6-335) 

where PI,, = compressor shaft input power in desired units, hp or kw 

Comparison of Reciprocating and Centrifugal Compressors 

q, = mechanical efficiency (0.97 to 0.99) 

The advantages of a centrifugal compressor over a reciprocating machine are: 

a. lower installed first cost where pressure and volume conditions are favorable 
b. lower maintenance expense 
c. greater continuity of service and dependability 
d. less operating attention 
e. greater volume capacity per unit of plot area 
f. adaptability to high-speed low-maintenance-cost drivers 

The advantages of a reciprocating compressor over a centrifugal machine are 

a. greater flexibility in capacity and pressure range 
b. higher compressor efficiency and lower power cost 
c. capability of delivering higher pressures 
d. capability of handling smaller volumes 
e. less sensitive to changes in gas composition and density 

Example 26 

Perform centrifbgal compressor calculations using the following data: M = 18.3, 
Pidet 7 156 psia, Tinlet = 105"F, &d = 12,000 scfm, Pa,+ = 310 psia. The base 
conditions are P = 14.73 psia, T = 60°F 

Calculation of the compressibility factor Zs and k 
T, = 105°F = 565"R 
M = 18.3 = SGg = 0.63 
T = 370°R, Ppc = 670 psia (from Figure 6-231) 

Zs = 0.98 (from Figure 6231) 
ks = 1.27 at 565 (from Figure 6-235) 
T, = T.(PJP,)("-'v" 565(1.99)0.27/'.27 = 654"R = 194°F 
k, = 1.25 at 194°F 
k = (k, + k,)/2 = 1.26 

= 565/370 = 1.53, Pr = 156/670 = 0.233 

The actual inlet capacity, using Equation 6-335a, is 

14 73 565 
156 520 

Q, =694~17.28~--=1,230.3acfrn 

The theoretical head, using Equation 6-334, is 
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e 

Production 

H, = Z,RTs(k/k-l)[r’k-l”k - 11 

1,545.3 1,545.3 - 84.44 R=-- 
M 18.3 

H, = 0.98X84.44X565X- 1*26 (1.990.5b.56 -1) 
1.26 - 1 

= 34,570 

The theoretical power, using Equation 6-336a, is 

P 
P, = 8 . 1 7 9 x 1 0 ” H , Q m y ~  

z,=, 
= 8.179 x 10” x 34,570 x 1,230.3 x 0.63 15‘ 

0 . 9 8 ~ 5 6 5  
= 617hp 

Adiabatic efficiency qd = 0.7 (from Table 6-61) mechanical efficiency assum- 
ing 0.98. 
The required shift power is 

p,, = P, = 617 = 899.4hp 
q,q, 0.7 x 0.98 

Engine and Compressor Foundations [I481 

Machinery foundations are one of the most important aspects of compressor 
station engineering. Such factors as soil analysis, reinforced concrete design, and 
dynamics of foundation systems require particular attention. There are two basic 
types of foundations used for compressor units in the gas industry (see Figures 
6-239 and 6-240). The first is a simple concrete pad that is used for most small 
skid-mounted reciprocating units and for high-speed centrifugal compressors. The 
second incorporates a combination of reinforced block and mat concepts. The 
block and mat design is common for large, low or medium-speed reciprocating 
compressors. The block provides the required load distribution so that the 
allowable soil-bearing capacity is not exceeded. The following minimum data 
should be available to the foundation designer: total weight of the package, base 
dimensions of the package, operating speed of the machine, radius of the 
crankshaft throws, weight of the reciprocating parts, length of connecting rod, 
distance required to remove engine and compressor pistons and connecting rods 
and the weight of unbalanced rotating parts. 

The base dimensions of the concrete pad or block should be such that there 
is 6 to 12 in. of concrete beyond all sides of the base of the unit. Manufacturers 
have recommended from 0.091 to 0.141 ydS of concrete per engine hp (0.093 
to 0.144 ms/kW) for low-speed machines. Manufacturers recommend a founda- 
tion weight that is two to five times the weight of the machine. 

The combined resonant frequency of the machine, foundation, and soil system 
is next in importance. 
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a. Continuous Pad Foundation 

b. Waffle Type Pad Foundation 

Figure 6-239. Typical concrete pad compressor foundations. 

f ='( K x g  ) 
" 2n w,+w,  

where f, = natural frequency of the foundation and soil system in Hz 
K = spring constant of soil mass in lb/ft or kN/m 

(6-336) 
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Grout Channel 

Figure 6-240. Concrete block and mat compression. 

W, = weight of machine and foundation in lb/ft or kN 
Ws = weight of soil system in lb or kN 

g = acceleration of gravity in 32.1’74 ft/s or 9.81 m/s4 

The spring constant k is a function of Poisson’s ratio, shear modulus and the 
radius of the loading area. In general, the natural frequency of the system should 
be at least twice the frequency of the applied forces for low-speed units, or less 
than one-half of the resonant frequency for machines that operate at a frequency 
greater than the natural frequency of the system. The natural frequency of the 
foundation system can be decreased by (1) increasing the weight of the founda- 
tion, (2) decreasing the base area of the foundation, (3) reducing the shear 
modulus of the soil, (4) placing the foundation deeper into the soil. 

The Gas Piping System 

The gas piping system in a compressor station includes the valving, pulsation 
control equipment, overpressure protection devices, cathodic protection facilities 
and structural supports to route the gas through the compressor and gas 
conditioning facilities. Figure 6-241 shows a schematic diagram of such system 
at a small compressor station. Figure 6-242 gives a general flow diagram for a 
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Figure 6-241. Foundation typical reciprocating compressor station piping. 

storage/withdrawal compressor operation. In designing the piping system the 
following items must be taken into consideration: operating pressure and 
capacity, pressure drop, gas velocity, mechanical strength and composition of 
pipe materials, temperatures, effects of corrosion, safety, efficiency of opera- 
tions, and economy of installation. 
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Figure 8-242. Compressor unit gas flow diagram for storage injection and 
withdrawal service. 

Table 6-63 
Centrifugal Compressor Flow Range 

Average Speed to 
Nominal flow Average adiabatic develop 

range polytropic (Isentropic) 10,m n 
(inlet actm) efficiency eff lciency headhheel 

100- 500 0.63 0.60 20,500 
500- 7,500 0.74 0.70 10,500 

7,500- 20,000 0.77 0.73 8,200 
20,000- 33,000 0.77 0.73 6,500 
33,000- 55,000 0.77 0.73 4,900 
55,000- 80,000 0.77 0.73 4,300 
80,000-115,000 0.77 0.73 3,600 
115~145,000 0.77 0.73 2,800 
1-00,OOO 0.77 0.73 2,500 
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Pressure drops in compressor station piping result from energy losses caused 
by friction between the gas and pipe wall should not exceed 1 to 2% of the 
total station power requirements. 

Gas velocity can be determined as follows: 

127.3 x 10sQPbT& 
D2P,Tb 

V =  

or in the SI System 

14. 73QPbT$ 
V =  

D2PfTb 

(6-337~) 

(6-3376) 

where V = velocity in desired units in ft/min or m / s  
Q = volume rate of flow in MMcf/d or m3/d 
Pb = base pressure in lb/in2 or kPa absolute 
Tf = flowing temperature in OR or K 
Z = compressibility 
D = diameter of pipe in in. or mm 
P, = flowing pressure in lb/in.' or kPa absolute 
T, = base temperature in OR or K 

Gas piping used in compressor stations now be manufactured in compliance 
with the standards (DOT) Code, Title 49, Part 192 (see Table 6-64). 

Gas Cooling 

Gas cooling equipment is necessary in compressor stations to remove heat 
from the gas stream between stages of compression intercoolers or after the final 
stage of compression (aftercoolers). Heat exchangers are used to remove heat 
from gas streams, reduce cooling water temperature, lower oil temperature or 
to cool compressed air. Several types of gas coolers are available, but the aerial 
cooler is one of the most common. Aerial coolers make use of air to cool hot 
gas. There are two kinds: forced draft and induced draft (see Figure 6243). 

Advantages of forced draft are: 

Slightly laver horsepower since the tan is in cold air. Horsepower varies 

Better accessibility of mechanical compounds for maintenance. 
Easily adaptable for warm air recirculation for cold climates. 

Disadvantages are as follows: 

Poor distribution of air over the section. 
Greatly increased possibility of hot air recirculation, due to low discharge 
velocity from the sections and absence of stack. 
Low natural draft capability on fan failure due to small stack  effect. 
Total exposure of tubes to sun, rain and hail. 

directly as the absolute temperature. 

( k t  continucd o n  page 884) 
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Table 6-64 
Codes and Standards 

Codes and standards governing the design, construction, and maintenance of com- 
pressor station facilities are found in publications issued by various regulatory and 
governing agencies. 

It is not the intent of this book to provide a comprehensive explanation of each 
code that is applicable to compressor station design and operation, but instead 
provide a listing by agency and professional society of all codes that may apply to 
compressor stations. 

Below is a list of codes and standards established by various federal, state, and other 
agencies. When a question concerning design or operation arises, the engineer can refer 
to this listing to determine which codes and standards apply to the point in question. 

U.S. Government regulations are printed in the Code of Federal Regulations (CFR) 
published by the U.S. Government Printing Office. Mail orders should be addressed to: 
Superintendent of Documents, US. Government Printing Office, Washington, DC 
20402; phone orders may be placed by calling (202) 783-3238. 

U.S. Department of Tkansportation (DOT), Materials Transportation Bureau (MTB), 
Office of Pipeline Satety Regulation (OPSR), Part 192, Title 49 of the Code of 

Federal Regulations 

DOT Code, Part 192, Tltle 49, Subpart C-Pipe Design 

Section 192.111-Design Factor (F) for Steel Pipe 
Section 192.115-Temperature Derating Factor (T) for Design of Steel Pipe 

DOT Code, Part 192, Tltle 49, Subpart D-Design of Plpeline Components 

Section 192.163-Compressor Station-Design and Construction 
- Location of Compressor Building 
- Building Construction 
- Exits - Fenced Areas 
- Electric Facilities 
Section 192.1 65--Compressor Stations-Liquid Removal 
Section 192.1 67-Compressor Stations-Emergency Shutdown 
Section 192.169-Compressor StatlonkPressure Limiting Devices 
Section 192.1 71--Compressor Stations-Additional Safety Equipment 
Section 192.1 73-Compressor Stations-Ventilation 
Section 192.201-Required Capacity of Pressure Relieving and Limiting Statlons 

DOT Code, Part 192, Tltle 49, Subpart J-Test Requirements 

Section 192.505-Strength Test Requirements for Steel Pipeline to Operate at a 
Hoop Stress of 30 Percent or More of SMYS 

DOT Code, Part 192, Title 49, Subpart M-Maintenance 

Section 192.72SbCompressor Stations: Procedures for Gas Cornpressor Units 
Section 192.731-Compressor Statlons: Inspection and Testlng of Relief Devlces 
Section 102,733-Compressor Stations: Isolation of Equipment for Maintenance or 

Section 192.735-Storage of Combustible Materials 
Alterations 
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Section 192.751-Prevention of Accidental Ignition 
NOTE: The above DOT Regulations are also published in the ASME Guide for Gas 
Transmission and Distribution Piping Systems (see Bibliography). 

U.S. Department 0t Labor Occupational Safety and Health Admlnistratfon (OSHA) 

See Code of Federal Regulations, 29 CFR Parts 1900-1990. 

US. Environmental Protection Agency (EPA) 

Regulations under the Clsan Air Act as amended 

40 CFR 50-Air Quality Standards 
40 CFR GQ-New Source Standards of Performance for Turbines and Reciprocating 

40 CFR 51 and 52-Prevention of Significant Deterioration (Best Available Control 

40 CFR 81--Visibility Protection-The prevention of any future, and remedying of 

40 CFR 51 and 52-Requirements for Offsets and Lowest Achievable Emission 

Engines 

Technology) in Attainment Areas 

any existing impairment of visibility in Federal Class I areas. 

Rates for New or Modified Sources in Nonattainment Areas 

Regulattons under the Clean Water Act of 1977 as amended 

40 CFR 112-Spill Prevention, Control and Countermeasure Plan for Oil and 

40 CFR 125-Natlonal Pollution Discharge Elimination System for Waste Water 
Hazardous Substances Storage 

Discharges to Surface Waters 

Regulations under the Resource Conservatlon and Recovery Aci as amended 

40 CFR 262-Standards for Generators of Hazardous Wastes 
40 CFR 264 and 265--Standards for Hazardous Waste Treatment, Storage, and 
Disposal Facilities 

LOCAL CODES AND ORDINANCES 

Facilities within incorporated areas are regulated by individual city, municipal, county, 
and state codes administered by various agencies including, but not limited to, the 
following: 

Department of Buildings and Safety (City) 

0 General Building Requirements and Permits 

Grading Requirements and Permits 
Zoning Requirements 

Bullding and Safety Commlsslon 

Electrical Requirements and Permits 
Heating and Air Conditioning Requirements and Permits 
Plumbing Requirements and Permits 
Boiler and Pressure Vessel Inspections and Permits 
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Table 6-64 
(continued) 

Elevator Inspections and Permits 

Department of Public Work8 

Environmental Impact Reports 
Driveway and Sidewalk Requirements and Permits 
Sewer Requirements and Permits 
Excavation Permits 

Department of Water and Power 

Electrical Service 
Water Service 

Planning Commlsslon 

Zone Changes 

County Building and Safety (Unlncorporated Areas) 

General Building Permits 
Grading Permits 
Electrical Permits 
Plumbing Permits 
Compaction Requirements 

County Englneer 

Geological Reports 
Sewers 

County Regional Plannlng (Unlncorporated Areas) 

Zoning Requirements 
Environmental Impact Studies 

County Air Pollution Control Dlstrlct 

Engine Exhaust Emissions 
Tank and Pond Vapors 
Other Discharges Into the Atmosphere 

County Flood Control Dlstrict 

Water Discharges 

County Health Department 

Septic Systems 
Water Wells 

Public Utllltles 

Compressor Station Design and Construction 
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- Liquid Removal 
- Bottle-Type and Pipe-Type Holders 
- Material Selection 
- Welding 
- Instrumentation 
- Regulation 

- Procedures for Gas Compressor Units 
- Inspection and Testing of Relief Devices 
- Isolation of Equipment for Maintenance and Alteration 
- Inspection and Testing of Pipe-Type and Bottle-Type Holders 
- Storage of Combustible Materials 
- Inspection and Testing of Pressure Limiting and Regulating Stations 
- Prevention of Accidental Ignition 

Compressor Station Operation and Maintenance 

State Alr Resources Board 

Engine Exhaust Emissions 

State Fish and Game Department 

Oil Spills in Rivers, Streams, and Oceans Along the Coast 
Threats to Rare and Endangered Species of Wildlife 

State Water Quality Control Board 

Water Discharges 

State Coastal Commlssion 

Facilities Constructed in the Coastal Zone, in Addition to Regulations Imposed by 
Cities and Counties 

AMERICAN NATIONAL STANDARDS INSTITUTE (ANSI) 

1430 Broadway 
New York, NY 10018 
Phone: (212) 354-3300 

ANSI 81.1-Unified inch Screw Threads 

ANSUASYE B1.20.1-Plpe Threads, General Purpose (inch) 

ANSI Bl6.5-Steel Pipe Flanges and Flanged Fittlngs, Including Ratings for Class 
150, 300, 400, 600, 900, 1500, and 7500 

ANSI B16.10-Face-to-Face and End-to-End Dimenslons of Ferrous Values 

ANSI B16.11-Forged Steel Fittlngs, Socket Welding and Threaded 

ANSI B16.15-Cast Bronze Threaded Fittlngs, Class 125 and 250 

ANSI B16.20-RingJoint Gaskets and Grooves for Steel Pipe Flanges 
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Table 6-64 
(con tin ued) 

ANSI B16.21-Nonmetalllc Flat Gaskets for Pipe Flanges 

ANSI B16.22-Wrought Copper and Bronze Solder-Joint Pressure Fittlngs 

ANSI B16.25-Butt Welding Ends 

ANSI B16.3eSteel Valves, Flanged and Butt-Weldlng 

ANSI B18.2.1-Square and Hex Bolts and Screws 

ANSI B18.2.2-Square and Hex Nuts 

ANSI B18.22.1-Plaln Washers 

ANSI B19.1-Air Compressor (Draft Safety Standards) 

ANSI B19B-Compressors for Process Industrles (Safety Standards) 

ANSI B31 .l-Power Piping 

ANSI B31.3-Chemlcal Plant and Petroleum Reflnery Plping 

ANSI B31 .&Gas Transmlsslon and Dlstrlbutlon Plplng Systems 

ANSI C2-National Electrical Safety Code 

ANSUASME PTChPetformance Test Code-Dlsplacement Compressors, Vacuum 
Pumps, and Blowers 

ANWASME PTCl 0-Performance Test Cod-Compressors and Exhausters 

AMERICAN PETROLEUM INSTITUTE (API) 

1200 L Street, N. W. 
Washington, D.C. 20005 
Phone: (202) 682-8000 

API 7B-11 C-Internal Combustlon Reclprocatlng Engines for Oil Field Service 

API SPEC 11 P-Packaged, High Speed, Separable, Englne-Drlven, Reclprocatlng 
Gas Compressors 

API RP 550-Installation of Refinery Instruments and Control Systems 

API 616-Type H lndustrlal Combustlon Gas Turbines for Refinery Servlces 

API 617-Centrlfugal Compressors for General Reflnery Servlces 
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API 61 8-ReGIprOCatlng Compressors for General Refinery Services 

API 65GWelded Steel Tanks for Oil Storage 

API 2000-Ventlng Atmospherlc and Low Pressure Storage Tanks (Nonrefrigerated 
and Refrigerated) 

AMERICAN SOCIETY FOR TESTING AND MATERIALS (ASTM) 

1916 Race Street 
Philadelphia, PA 19103 
Phone: (215) 299-5400 

ASTM A-36Structural Steel 

ASTM A-53-PlpeY Steel, Black, and Hot-Dlpped Zlnc Coated, Welded and 
Seamless 

ASTM A-106-Seamless Carbon Steel Pipe and Hlgh-Temperature Servlce 

ASTM A-134-Plpe Steel Electric-Fuslon (Arc)-Welded (size NPS 16 and over), 
Spec for 

ASTM A-1 35-Electric-Reslstance-Welded Steel Pipe 

ASTM A-139-Electrlc-Fuslon (ArcFWelded Steel Plpe (Slzes 4-inch and over) 

ASTM A-1 55-Electric-Fusion-Welded Steel Plpe for High-Pressure Servlce 
DiscontinuedSee A671 , A672, A691 

ASTM A-1 81-Forglngs, Carbon Steel for General-Purpose Piping 

ASTM A-1 93-Alloy-Steal and Stalnless Steel BoPlng Materials for High-Temperature 
Servlce 

ASTM A-laLCarbon and Alloy Steel Nuts and Bolts for High-pressure and High- 
Temperature Servlce 

ASTM A-197-Cupola Malleable Iron 

ASTM A-216-Carbon Steel Castlngs Suitable for Fusion Weldlng for High- 
Temperature Servlce 

ASTM A-234-Plplng Flttlngs of Wrought Carbon Steel and Alloy Steel for 
Moderate and Elevated Temperatures 

ASTM A-307-Carbon Steel Externally Threaded Standard Fasteners 

ASTM A-325-High-Strength Bolts for Structural Steel Joints 

ASTM A-3814etal  Arc-Welded Steel Plpe for Use wlth High-pressure Transmls- 
slon Systems 
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Table 6-64 
(continued) 

ASTM AS-Ferritic Ductile Iron PressureRetalnlng Casting for Use at Elevated 
Temperatures 

ASTM A-490-Heat-Treated Steel Structural Bolts, 150 ksl (1035 MPa) Minimum 
Tensile Strength 

ASTM A-539-Electric-Resistance-Welded C o l l ~  Steel Tubing for Gas and Fuel 
Oil Lines 

ASTM A-605-Pressure Vessel Plates, Alloy Steel, Quenched and Tempered 
Nickel-Cobalt-Molybdenum-Chromium 

ASTM A-615-Deformed and Plain Billet-Steel Bars for Concrete Relnforcement 

ASTY A-671-Electric Fusion-Welded Steel Plpe for Atmospherlc and Lower 
Temperatures 

ASTM A-672-Electric-Fusion-Welded Steel Plpe for High-pressure Service at 
Moderate Temperatures 

ASTM A-6914arbon and Alloy Steel Plpe, Electric-Fuslon-Welded for High- 
Pressure Service at High Temperatures 

ASTM B-42-Seamless Copper Pipe, Standard Sizes 

ASTM B-62-Composttion Bronze or Ounce Metal Castings 

ASTM B-75-Seamless Copper Tube 

ASTM C-3l-Maklng and Curing Concrete Test Specimens In the Field 

ASTM C-*Concrete Aggregates 

ASTM C-39-Compressive Strength of Cylindrlcal Concrete Specimens 

ASTM C-76-Relnforced Concrete Culven, Storm Drain, and Sewer Pipe 

ASTM C-94-Ready-Mix Concrete 

ASTM C-150-Portland Cement 

ASTM D-1751-Preformed Expansion Joint Fillers for Concrete Paving and 
Structural Construction (Nonextrudlng and Resilient Bituminous Types) 

AMERICAN SOCIETY OF MECHANICAL ENGINEERS (ASME) 

345 East 47th Street 
New York, NY 10017 
Phone: (212) 705-7722 
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ASME Boiler and Pressure Vessel Code, Section VIII, Dlvlsion 1-Unflred 
Pressure Vessels 

UG 126-Pressure Relief Valves 
UG 127-Nonreclosing Pressure Relief Devices 
UG 131-Certification of Capacity of Pressure Relief Valves 
UG 133-Determination of Pressure Relieving Requirements 
UG 135-Installation 
Appendix M--top Valves between Pressure Relieving Device and Vessel 
Appendix M--top Valves on the Discharge Side of a Pressure Relieving Device 

ASME PTC7.1-Performance Test Code-Displacement Pumps 

ASME PTC8.2-Performance Test Code-Centrifugal Pumps 

ASME PTC9-Performance Test Code-Displacement Compressors, Vacuum 
Pumps, and Blowers 

ASME PTC1 &Performance Test Code-Compressors and Exhausters 

INSTITUTE OF ELECTRICAL AND ELECTRONICS ENGINEERS (IEEE) 

345 East 47th Street 
New York, NY 10017 
Phone: (212) 705-7900 

IEEE Std. 80-1976-IEEE Guide for Safety In Substatlon Groundlng 

INSTRUMENT SOCIETY OF AMERICA (ISA) 

67 Alexander Drive 
P.O. Box 12277 
Research Triangle Park, NC 27709 
Phone: (919) 549-8411 

S75.01-Control Valve Slzlng Equatlons (Replaces S39.3 Control Valve Slrlng 
Equatlons for Compressible Fluids) 

NATIONAL FIRE PROTECTION ASSOCIATION (NFPA) 

Batterymarch Park 
Quincy, Massachusetts 02269 
Phone: (617) 770-3000 

NFPA Code 1-Fire Prevention Code 

NFPA Code 3M-Health Care Emergency Preparedness 

NFPA Code 9-Tralnlng Reports and Records, Recommended Practlce 

NFPA Code 10-Portable Flre Extinguishers 
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Table 6 6 4  
(continued) 

NFPA Code 10L-Model Enabllng Act, Portable Fire Extingulshers 

NFPA Code 11-Low Expansion Foam and Comblned Agent Systems 

NFPA Code 11A-Medlum and High Expanslon Foam Systems 

NFPA Code 124arbon Dloxlde Extlngulshing Systems 

NFPA Code 12A-Halon 1301 Fire Extingulshlng Systems 

NFPA Code 12bHalon 1211 Flre Extingulshlng Systems 

NFPA Code 13-Sprlnkler Systems, Installation 

NFPA Code 18A4nspectlon, Testing and Maintenance of Sprinkler Systems 

NFPA Code 13E-Fire Department Operatlons in Properties Protected by Sprinklers 
and Standplpe Systems 

NFPA Code 14-Standplpe and Hose Systems, Installation of 

NFPA Code 15-Water Spray Fixed Systems for Fire Protection 

NFPA Code 1GDeluge Foam-Water Sprlnkler System 

NFPA Code 17-Dry Chemical Extlnguishing Systems and Foam-Water Spray Systems 

NFPA Code 18-Wetting Agents 

NFPA Code 19s-Resplratory Protective Equlpment for Fire Flghters 

NFPA Code PO-Centrifugal Fire Pumps 

NFPA Code 22-Water Tanks for Private Flre Protectlon 

NFPA Code 24-Installation of Private Fire Servlce Malns and thelr Appurtenances 

NFPA Code 30-Flammable and Combustible Liquids Code 

NFPA Code 31-011 Burning Equipment 

NFPA Code 33-Spray Appllcation 

NFPA Code 34-Dlpping and Coatlng Processes Using Flammable or Combus- 
tlble Liqulds 

NFPA Code 37-Stationary Combustion Engines and Gas Turblnes 
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NFPA Code 49-Hazardous Chemicals Data 

NFPA Code 51 B-Cutting and Weldlng Processes 

NFPA Code 54-National Fuel Gas Code 

NFPA Code 58-Llquefled Petroleum Gases, Storage and Handling 

NFPA Code SgLlquefled Petroleum Gases at Utility Gas Plants, Storage and 
Handling 

NFPA Code BOA-Liquefied Natural Gas, Storage and Handllng 

NFPA Code 68-Exploslon Ventlng, Gulde 

NFPA Code 69-Explosion Prevention Systems 

NFPA Code 70-National Electrical Code (NEC) 

NEC Chapter 1-General 
- Article 100-Definitions 
- Article 11 0-Requirements for Electrical Installations 
NEC Chapter 2-Wiring Design and Protection 
NEC Chapter &Wiring Methods and Materials 
NEC Chapter &Equipment for General Use 
NEC Chapter 5-Special Occupancies 
NEC Chapter 6-Special Equipment 
NEC Chapter 7 4 p e c i a l  Conditions 
NEC Chapter E-Communications Systems 
NEC Chapter 9-Tables and Examples 

NFPA Code 7OB-Electrlcal Equlpment Malntenance 

NFPA Code 70L-Model State Law Provldlng for lnspectlon of Electrical Installa- 
tlons 

NFPA Code 71-Central Statlon Slgnallng Systems, Installation, Maintenance, and 
Use of 

NFPA Code 72A-Local Protectlve Slgnallng Systems, Installation, Maintenance 
and Use of 

NFPA Code 72B-Auxlllary Protectlve Slgnallng Systems for Fire Alarm Service 
Installation, Maintenance, and Use of 

NFPA Code 72CRemote Statlon Protectlve Slgnallng Systems Installatlon, 
Maintenance and Use of 

NFPA Code 72D-Proprietary Protective Signallng Systems, Installation, Mainte- 
nance and Use of 
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Table 664 
(contlnued) 

NFPA Code 72E-Automatic Fire Detectors 

NFPA Code 774ta t ic  Electricity 

NFPA Code 78-Llghtning Protection Code 

NFPA Code 80-Flre Doors and Wlndows 

NFPA Code 85A-Prevention of Furnace Explosions in Fuel Oil and Natural Gas- 
Flred Single Burner Boiler-Furnaces 

NFPA Code 85B-Preventlon of Furnace Exploslons In Natural Gas-Flred Multlple 
Burner Boiler-Furnaces 

NFPA Code 214-Water Coollng Towen 

NFPA Code 22O-Building Constructlon, Standard vpes 

NFPA Code 2Sl-General Storage, Indoor 

NFPA Code 321-Basic Ctasslflcatlon of Flammable and Combustible Liquids 

NFPA Code 325M-Properties of Flammable Liquids, Gases, and Volatile Sollds 

NFPA Code 3274leaning or Safeguardlng of Small Tanks and Containers Using 
Flammable and Combustlble Materlals 

NFPA Code 385-Tank Vehicles for Flammable and Combustlble Llqulds 

NFPA Code 491Wl-HaZardOUS Chemlcal Reactlone 

NFPA Code 493lntrinsically Safe Apparatus and Associated Apparatus for Use 
In Class I, 11, and 111, Divislon 1 Hazardous Locations 

NFPA Code 4g5--lanufacturey Transporfallon, Storage and Use of Explosfve 
Materials 

NFPA Code 496-Purged and Pressurized Enclosures for Electrlcal Equlpment in 
Hazardous (Classlfled) Locations 

NFPA Code 498-Exploslves, Motor Vehlcle Termlnals 
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b. Induced Draft Cooler 

Figure 8-243. Types of aerial heat exchanges [149]. 
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(text continued from pap 871) 
The advantages of inducted draft are: 

Better distribution of air across the section. 
Less possibility of the hot effluent air recirculating around to the intake 
of the sections. The hot air is discharged upward at approximately 2.5 times 
the velocity of intake or about 1,500 ft/min. 
Less effect of sun, rain and hail, since 60% of the face area of the sections 
is covered. 
Increased capacity in the event of fan failure, since the natural draft stack 
effect is much greater with induced draft. 

The disadvantages of induced draft are: 

Higher horsepower since the fan is located in the hot air. 
Effluent air temperature should be limited to 200°F to prevent potential 
damage to fan blades, bearings, V-belts, or other mechanical components 
in the hot airstream. 
The fan drive components are less accessible for maintenance, which may 
have to be done in the hot air generated by natural convection. 
For inlet process fluids above 350°F forced draft design should be used 
otherwise, fan failure could subject the fan blades and bearings to excessive 
temperatures. 

In sizing gas coolers the most important parameters are the actual heat load 
and design air temperature. The heat load may be found from the following: 

Q, = Qdpcp(tl - tn) for SI and Q, = QtdFp(tl - 4) for English System 

where Q, = heat load in desired units: Btu/n or W 
Qd = gas flowrate in scf/n or scm/s 

cp = specific heat capacity at average temperature 
(TE + Td)/2 in Btu/(lb OF) or J/(kg "C) 

p = density (kg/scm) 
y = specific weight (lb/scf) 

t,, tn = inlet and outlet temperatures in OF or "C 

The design air temperature is usually the average daily maximum temperature 
for the hottest month of the year at the gas cooler location plus 3 to 5°F (1.5 
to 2.5"C) correction value for the location environmental conditions. 

Cooling Towers [I491 

Cooling towers allow water to be cooled by ambient air through evaporation. 
They have two types of air flow, crossflow and counterflow. In crossflaw towers, 
the air moves horizontally across the downward flow of water. In counterflow 
towers, the air moves vertically upward against the downward fall of the water. 
There are a few types and sizes of cooling towers: 

Mechanical draft towers (see Figure 6-244) are characterized as follows: 

Forced draft towers, where the fan is located on the airstream entering the 
tower. 
Induced draft tower, where the fan is located on the airstream leaving the 
tower. 



Gas Production Engineering 885 

a) Forced draft, counterflow, blower fan tower. 

Air 

b) Induced draff counterflow tower. 

watw 
In - 

c) Double-flow, crossflow tower. 

Figure 6-244. Mechanical draft towers [149]. 
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Coil shed towers, where the atmospheric coils or sections are located in 
the basin of the cooling tower. 

Natural draft towers (see Figure 6-245) are as follows: 

Atmospheric spray towers are dependent upon atmospheric conditions; no 

Hyperbolic natural draft towers, where a chimney or stock is used to induce 
mechanical devices are used to move the air. 

air movement through the tower. 

a) Atmospheric spray tower. 

Alr 

I 

bl Counterflow natural draft tower. 

Ftgure 6-245. Natural draft towers [149]. 
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The performance characteristics of various types of towers will vary with 
height, fill configuration and flow arrangement: crossflow or counterflaw. When 
rough characteristics of a specific tower are required the performance charac- 
teristic nomograph (Figure 6-246) can be used. 

Figure 6-246. Pressure characteristic nomograph. 
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Example 27 

The use of the nomograph is illustrated by the following examples covering 
typical changes in operating conditions. Assume a cooling tower is operating 
at these known conditions: flow = 1,000 gal/min, hot water at llO°F, cold water 
at 86"F, wet bulb temperature = 70°F. This is commonly referred to as 110 - 
86 - 76 or 24" range (110" - 86") and 10" approach (86 - 76"). 

a. What is the effect of varying wet bulb temperature (WB) on cold water 
temperature (CWT)? What is new CWT when W B  changes from 76 to 65°F 
with gal/min and the range remains constant? Enter the nomograph at 
86" CWT, go horizontally to 76°F WB, then vertically down to 65°F WB, 
then read new CWT of 79.5". 

b. What is the effect of varying the cooling range on the cold water tempera- 
ture? What is the CWT now when the cooling range is changed from 24" 
to 30" (25% increase in heat load) with gal/min and WB held constant? 
Enter the nomograph at 86" CWT, go horizontally to 76" WB, vertically 
to 24"R, horizontally to 30"R, vertically downward to 76" WB, then read 
new CWT 87.4". 

c. What is the effect of varying water circulating rate and heat load on cold 
water temperature? What is the new CWT when water circulation is 
changed from 1,000 to 1,200 gal/min (50% change in heat load at constant 
range)? Varying the water rate, particularly over wide ranges, may require 
modifications to the distribution system. Enter the nomograph at 86°F 
CWT, 90 horizontally to 76°F WB, vertically to 24"R, horizontally to per- 
formance factor of 2.88. Obtain a new performance factor (PF), multiplying 
(2.88)(1,200/1,000) = 3.46, then enter the nomograph at PF = 3.46, go hori- 
zontally to 24"R, vertically down to 76°F WB, then read new CWT 88.5"F. 

d. What is the effect of varying the WB temperature, range and water 
circulating rate on the cold water temperature? What is the new CWT when 
the WB changes from 76" to 65", R changes from 24" to 25", gal/min 
changes from 1,000 to 1,500*. Enter the nomograph at 86" CWT, go 
horizontally to 76 WB, vertically to 24"R, horizontally read PF = 2.88, then 
multiply (2.88)(1,500/1,000) = 4.32 (new PF). Enter the nomograph at 
PF = 432, go horizontally to 25"R, vertically down to 65" WB, then read 
86.5" as the new CWT. 

e. What is the effect of varying the fan hp input on the cold water tempera- 
ture? What is the new CWT if the motor is changed from 25 to 30 hp in 
example (d)? The air flowrate varies as the cube root of the horsepower 
and performance varies almost directly with the ratio of water rate to air 
rate; therefore, the change in air flowrate can be applied to the perfor- 
mance factor. Increasing the air flowrate (or hp) decreases the performance 
factor. .PF correction factor = (30/25)'13 = 1.0627. 

Divide PF by the PF correction factor to get the new PF. Applying this 
to example (d), we get 4.32/1.0627 = 4.07. Enter the nomograph to 4.07 PF 
(instead of 4.32), go horizontally to 25"R, vertically down to 65 WB, then 
read 85.5 CWT. 

f. The correction factor shown in example (e) could also be used to increase 
the gal/& instead of decreasing the CWT, as was done in example (e). In 
example (d) we developed a new CWT of 86.5 when circulating 1,500 gal/ 
min at 25"R and 65 WB. If the motor hp is increased from 25 to 30 under 
these conditions, with a PF correction factor of 1.0627 (as shown above), 
gal/min could be increased from 1,500 to 1,500 x 1.0627 - 1,594 gal/min. 
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g- Calculate the concentrations and blowdown rate for the following cooling 
tower. 
Circulation rate = 8,000 gal/min 
Water temperature drop through tower = 20°F 
Type of tower = mechanically induced draft 
Blowdown rate = 20 gal/min or 0.2% of circulation rate 

Evaporation loss = 2% (1% for each 1" temperature drop) (All rates are based 
on a percent of circulation rate.) Windage loss = 0.3% (maximum for mechanical 
draft tower) Number of concentrations (cycles) is 

2.0+(0.2+0.3) = 5 . 0  N = (E+B)/B = 
(0.2 + 0.3) 

If the resultant concentrations are excessive and a desired concentration of 4.0 
is required, what must the blowdown rate be? 

=-= 2.0 0.67% E B =  
cycles-1 4.0-1 

The windage component of B i s  0.3%, therefore, the blowdown rate required 
would be 0.67 - 0.3 = 0.37% or (8,000 gal/min)(0.0037) = 29.6 gavmin. 

CORROSION AND SCALING 

Productlon Operations 

The increasing cost of tubular goods failures due to corrosion in the oil and 
gas industry has increased interest in and importance of corrosion problems 
and their solutions. Metal dissolution and sudden cracking of tubing and casing 
are mainly caused by the presence of carbon dioxide, hydrogen sulfide, oxygen, 
and water. The presence of larger volumes of water in aggressive environments 
intensifies the severity of corrosion, while oil tends to form a protective oily 
film on the metal surfaces. Therefore, one of the criteria for predicting the 
severity of corrosion in an oil and gas environment is the water/oil ratio 11501. 
The majority of field experience has shown that in wells producing 0-25% water, 
corrosion does not likely occur if there are not significant amounts of corrosive 
gases; 2540% water cut indicates the probable occurrence of corrosion, and 
the degree of corrosivity depends on carbon dioxide, hydrogen sulfide, pressure 
and temperature. Above 40% water cut most of the oil and gas fields have shown 
very potent corrosive environments [ 151,1521. Figure 6247 illustrates a relation- 
ship between the water cut and number of corroded oil and gas wells. 

There are a number of corrosion prevention methods used in the oil and gas 
industry. The most useful methods are those with high efficiency and favorable 
economics. Corrosion inhibitors have been used to minimize the problems 
encountered by aggressive environments. Some inhibitors are used as the sole 
corrosion prevention method; some others are used in conjunction with coatings; 
and finally, there are some problems in oil and gas production where their use 
is not recommended [153]. 
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Flgure 6-247. Relationship between water cut, and number of corrosive wells 
[151,152] 

Generally, corrosion inhibitors show poor results in the absence of an oil film 
on the metal surface. However, this problem can be solved by the use of water- 
soluble inhibitors rather than oil-soluble inhibitors. The selection of proper 
corrosion inhibitors in deep, high-pressure, high-temperature wells with a high 
percentage of corrosive gases, such as in sour gas wells, has required extensive 
laboratory study to find oil-inhibitor systems that do not vaporize into the dry 
gas at bottomhole conditions. The conditions of an ineffective inhibitor action 
in high pressure and temperature sour gas wells is shown in Figure 6248. The 
principal approach to prevent oil vaporization under bottomhole conditions is 
to select an oil-inhibitor system with a dew point greater than bottomhole flowing 
condition, Le., by duplicating bottom-hole conditions in surface test facilities 
and examining the inhibitor performance with various oils until one is found 
that yields sufficient liquid phase at acceptable ratios of circulated-carrier oil 
to gas [154-1571. 
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Figure 6-248. Vaporization of oil-inhibitor mixture [156]. 

Hydrogen Sulfide Corrosion 

Stress corrosion cracking (SCC) and sulfide stress cracking (SSC) are the most 
common types of corrosion in sour oil and gas environments. Failures due to 
hydrogen sulfide are usually sudden with no warning. Generally, corrosion in 
sour environments is a combination of a small and apparently insignificant 
amount of localized corrosion combined with tensile stresses. 
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Stress corrosion cracking occurs at the metal surface in the form of pitting 
corrosion, which is the result of iron sulfide (FeS) deposits on the metal surface. 
The iron sulfide is cathodic to steel, contributing to pitting corrosion of scale- 
free areas. Basically, stress corrosion cracking susceptibility is a function of 
hydrogen sulfide concentrations, alloy compositions, hydrogen sulfide partial 
pressure, residual and applied stresses, and temperature. Very high-strength 
alloys can crack almost instantly when subjected to a sour environment [158,159]. 

Sulfide stress cracking is the worst type of corrosion in the presence of 
hydrogen sulfide. Sulfide stress cracking is a function of hydrogen sulfide 
concentration (as low as 1-3 ppm), hydrogen sulfide partial pressure, stresses, 
material yield strength, temperature and pH. Sulfide stress cracking mostly occurs 
in very highly acidic environments. The mechanism of sulfide stress cracking 
involves a combination of stress corrosion cracking and hydrogen embrittlement. 

Hydrogen embrittlement is a function of the hydrogen absorption char- 
acteristics of the metal in the aggressive environment, which is the formation 
of molecular hydrogen from atomic hydrogen within the metal structure [160]. 

The atomic hydrogen created at the surface of the metal will either combine 
to form hydrogen gas or will be absorbed at grain boundaries. Trace amounts 
of sulfur, arsenic, antimony, phosphorus and tellurium act to promote absorption 
of atomic hydrogen by the surface [157,160]. 

Once the atomic hydrogen has been absorbed by the metal, it diffuses through 
the material until it comes in contact with the metal structure's discontinuities 
or defects, such as inclusions, carbides or grain boundaries. The atomic hydrogen 
then combines to form molecular hydrogen, which puts additional pressure on 
the metal discontinuities or defects. 

Hydrogen embrittlement occurs below the metal surface, pH strongly influences 
hydrogen embrittlement, since sour environments may contain significant traces 
of hydrogen sulfide as well as HCl. Therefore, hydrogen sulfide alters hydrogen 
embrittlement by enhancing additional atomic hydrogen at the cathode. This 
combined action of hydrogen embrittlement and hydrogen sulfide contributes 
to sulfide stress cracking, The formation of atomic and molecular hydrogen is 
shown as 

Fe+2H+ +Few +2H0 (a) 

Ho+Ho * H, t (b) 
TJ (6-338) 

Metallurgical factors and alloying elements are the most important considerations 
for tubular goods selection in sour oil and gas environments. High-alloy metals, 
and steels below 80,000 psi yield and 90,000 psi tensile strength are reported 
to be relatively resistant to cracking due to hydrogen sulfide [161,162]. 

Filming amines and organic phosphates such as amine phosphates are reported 
to be effective corrosion inhibitors in sour environments. These inhibitors are 
usually prepared as oil-soluble for lower-pressure and temperature, flowing wells, 
while watersoluble inhibitors are mostly recommended at higher temperatures and 
pressures [163-1681. Table 6-65 gives inhibitors for hydrogen sulfide corrosion. 

Carbon Dioxide Corrosion 

Corrosion due to carbon dioxide is primarily a function of carbon dioxide 
partial-pressure and temperature. The following equation indicates the corrosion 
rate due to CO, as a function of temperature and CO, partial pressure [169,170]: 
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Table 6-65 
Commercial Inhibitors in Presence of Hydrogen Sulfide 

INHIBITOR MIXTURE CON, ppm TEMP, OF EFFECTIVENESS, 

I 
Imidazoline-Amino tri 83 165 95 
(methyl phosphonic acid) 

Imidazoline-carboxylic 30 170 90 
acid salts 

Alkylenediamine- 120 200 90 
-phosphate ester 

log(r) = 8.78 - - 27320 - 5.55 x 10-’T0.67log Pm2 
T + 273 (6-339) 

where r = corrosion rate due to CO, in mpy 

PmP = partial pressure of CO, in psi 
T = temperature in “C 

The overall results of the corrosion rate due to carbon dioxide as a function 
of temperature and carbon dioxide partial pressure are shown in Figure 6-249. 

1 
60 

L 0.1 

CO, Partial Pressure Corrosion Rate (mpy) 

@si) 

Temperamre (‘C) 

Figure 6-249. Nomograph for calculation of corrosion rates as a function of 
carbon dioxide partial pressure and temperature [169]. 



894 Production 

Corrosion due to carbon dioxide in primary, secondary and/or tertiary 
recovery can occur from carbon dioxidetransporting pipelines to production 
wells, and surface facilities. Basically, carbon dioxide in the presence of water 
produces carbonic acid, which may cause uniform, but mainly pitting, corrosion. 
Pitting and weight-loss corrosion can be minimized by (1) using corrosion- 
resistant alloys for critical components; (2) ensuring metallurgically-uniform 
grain structures; (3) keeping flow velocities below the erosional velocity to reduce 
erosion and/or corrosion and (4) application of corrosion inhibitors [ 171-1731. 

The most effective and economical corrosion inhibitors in presence of carbon 
dioxide are reported to be variations of filming amines [172]. These inhibitors 
are usually prepared as water-soluble solutions. The use of oil-soluble solutions. 
The use of oil-soluble corrosion inhibitors is not recommended due to high fluid 
levels in the well bore that may prevent the inhibitors’ circulation [173]. In 
addition, the inhibitors in Table 6-66 have been recommended in presence of 
carbon dioxide [ 167,168,174-1761. 

The inhibitors listed in Table 6-66 are diluted with water. These chemical 
inhibitors have been applied by batch-treating methods on weekly schedules [153]. 

Methods of Corrosion lnhlbltor Appllcatlon 

There are two principal requirements for successful corrosion mitigation in 
oil and gas wells: selecting a suitable inhibitor, and specifying a method of 
inhibitor application that assures the filming of the producing equipment. Many 
corrosion treatment methods are used in the oil industry. These are [150]: 

1. batch treatment 
2. continuous treatment 
3. formation squeeze 

Table 6-66 
Commercial lnhlbltors in Presence of Carbon Dioxide 

INHIBITOR MIXTURE CON, ppm TEMP, OF EFFECTIVENESS, a 

Imidazoline-carboxylic 25 170 89-91 
acid salts. 

Imidazoline compound 100 < 210 97 

Fatty acid-ester- 100 200 97 

and hydrazine. 

Aminoethyl Ethanolamine 
Reaction product 

Amidine salts 
Phosphate of cyclic SO < 200 90 

Alkylenediamine- 120 < 225 90 
Phosphate Ester 

r 
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Each method is applicable to specific conditions. The latest investigations 
related to the effectiveness of various treatment methods imply that when it can 
be employed, the continuous downhole application of a corrosion inhibitor is a 
more economical and favorable method of application than others. However, the 
reliability of each method depends on conditions such as well completion, the 
specific corrosion inhibitor employed and tubing string parameters. The following 
sections compare economics and effectiveness of various methods of application. 

Batch Treatment. Batch-treating techniques can be used in oil and gas wells to 
form protective films on metal surfaces. The majority of batch-treated wells are 
treated with oil-soluble, and oil-soluble/water-dispersible, corrosion inhibitors 
mixed with hydrocarbon solvents. In some cases the use of water-soluble corrosion 
inhibitors by batch-treating techniques is reported [ 177,1781. The use of water- 
soluble corrosion inhibitors can be associated with the following problems: 

1. less-tenacious, inhibitor film 
2. scale and contamination problems with the carrier water 
3. increased hydrostatic pressure on the well 
4. foaming and emulsion problems 

Scale and contamination problems can be solved by using a suitable carrier- 
water compatible with produced water. The carrier water should be clean (solids- 
free) to avoid plugging, emulsions and loss of inhibitor due to adsorption onto 
the solids present in the water. Waters with high pH have a tendency to increase 
scaling. Also, waters containing barium or strontium should not be applied to 
treat wells where produced water contains sulfates. 

Increased hydrostatic pressure can be reduced by using smaller water-volumes. 
Emulsions can cause blocks in the tubing, resulting in the decreased ability 

of the inhibitor to fall to the bottom where it is needed. If the inhibitor cannot 
separate from the emulsion, then it cannot film the tubing wall. Emulsions also 
can cause fouling in surface vessels and gas-treating units. Emulsions can be 
controlled in batch-treating systems by selecting a proper corrosion inhibitor and 
water carrier. Demulsifiers can be added to corrosion inhibitor and carrier water 
to decrease emulsion tendency [ 177,1781. 

Foaming can prevent the corrosion inhibitor mixture from falling to the level 
desired in the tubing. Foaming can be controlled by using a corrosion inhibitor 
that shows low-foaming tendency with carrier water. Foaming is also controlled 
by adding antitoam compounds to the batch-treatment mixture [159,160]. Several 
batch-treating techniques are used for treating oil and gas wells, including: 

tubing displacement 
periodic batch 
extended-period batch 
periodic batch with inhibitor emulsion 
batch with weighted inhibitor 

Tubing Dispiacement. A concentration of about 5-12% inhibitor as material 
received is either dispersed or dissolved in water or a hydrocarbon. The desired 
amount of this mixture is displaced through the tubing to the bottom of the 
well by pumping produced fluids in behind the mixture. The amount of displac- 
ing liquid is calculated by determining the volume of the tubing and subtracting 
the volume of inhibitor mixture. In the tubing displacement method 2 to 15 hr 
shut-in time is required to build up pressure. The tubing displacement method 
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becomes less satisfactory as reservoir pressures decline. The tubing displacement 
is recommended for wells equipped with packers and gas lift [179]. 

Periodic Bafch. The periodic batch treatment is recommended for open-annulus 
completion with both high and low fluid-level wells. The occasional failures with 
this treatment in high fluid-level wells can generally be attributed either to the 
improper selection of inhibitors or the improper circulation of the wells. The 
application of the treatment in low fluid-level wells depends on the fluid level 
maintained in the annulus. It is estimated that a fluid level of at least 150 ft 
should be maintained in the annulus to achieve better effectiveness. 

Extended-Period, Batch Treatment The extended-period, batch treatment is 
a variation of the standard, periodic-batch treatment. This treating method has 
been used successfully in high f hid-level wells. The procedure consists of 
calculating the total volume of inhibitor required for a 3 to 8-month period and 
batching that quantity into the annulus. The well is put on complete circulation 
and circulated until the inhibitor goes down the annulus, up the tubing and back 
into the annulus. Extended-period, batch treatment can last up to 6 months [150]. 

Periodic Batch with lnhibitof Emulsion. Periodic batch with inhibitor-emulsion 
treatment can be applied with both low and high-level wells, as well as wells set 
on packers. This treatment consists of creating a semipermanent emulsion with 
inhibitor and water, dumping the mixture into the tubing or annulus and 
shutting the well off for a time sufficient for the mixture to fall to the wel€ 
bottom. The effectiveness of this method depends on the emulsion being 
sufficiently stable to remain dispersed until the mixture has reached bottom. 
The emulsion must be of a semipermanent nature that will allow the inhibitor 
to slowly coalesce and enter the oil column. The mixture is required to remain 
relatively stable for several hours [180]. 

Batch with We/ghted Inhlbifor. The inhibitor is chemically coupled to a 
weighting agent. These chemicals are available in various densities to assure that 
the chemicals will fall through either the oil or water in the annulus or tubing. 
The weighted inhibitors have frequently been applied successfully where other 
types of treatment have been ineffective. It is noted that certain weighting agents 
are not suitable in sour operations; therefore, sweet or sour production should 
be considered to select the chemical [180]. 

Continuous Treatment. The continuous injection of inhibitor into the fluid 
stream has been recognized as the optimum treating method since the inception 
of corrosion control by chemical injection [181-1831. Continuous downhole 
injection is reported to increase the functional life of the tubing 10 to 20-fold, 
where no other treating methods could increase the functional life of the tubing 
more than three to fivefold [184]. The continuous treating method generally 
involves introducing the inhibitor on a continuous basis at sufficient con- 
centrations to form a protective film on the tubing. This concentration may vary 
from 20 to 130 ppm depending on several factors, such as: 

1. the degree of oil and gas well corrosivity 
2. well-stream fluid velocity 
3. well completion design 
4. depth of corrosive oil and gas wells 
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To reduce corrosion rates, higher concentrations of corrosion inhibitor are 
necessary. Since the major objective of corrosion inhibitors in oil and gas wells 
is to form a protective film on the tubing surface, wellstream fluid velocity plays 
a significant role in maintaining this film at constant inhibitor concentration 
for a longer period of time in continuous, downhole, treating methods. Generally, 
the criterion is erosional velocity, Le., the selection of the proper tubing ID to 
keep the well-stream f hid velocity below erosional velocity. Erosional velocity 
can be determined by the following relationship [184]: 

Ve = K/y, (6-340) 

where K = empirical constant (generally 100) 
Ve = erosional velocity in ft/s 
y, = specific weight of wellstream in lb/fts 

The values for K, which is a function of solids present in fluid, vary from 50 
to 500. The continuous downhole injection technique can be applied with the 
following three, completion designs [ 164,1671: 

1. open-annulus injection 
2. dual completion 
3. closed-annulus injection 

For wells completed with no packers, the annular space can be used to carry 
corrosion inhibitors to the bottom of the tubing string up to the production 
string as shown in Figure 6-250. 

In wells completed with a “dual” or “kill string” completion, corrosion 
inhibitors can be injected through injection tubing (1.0 in., generally, but can 
be up to 2 5  in. OD). Generally, when “kill string” inhibition is used, the bottom 
will be equipped with a valve or flow-restricting device, and the mixture is then 
continuously pumped into the injection tubing, building sufficient pressure to 
open the downhole valve. Figures 6-25 1 through 6-253 illustrate typical dual 
completion designs [184,187]. 

For a well completed with a packer, an injector valve that operates on a 
predetermined pressure differential in the tubing string is employed. Generally 
the annulus is filled with corrosion inhibitors, and a pump is used to apply the 
necessary pressure to open the injection valve. The latest investigations on the 
application of continuous treating methods with a closed-annulus injection system 
show many problems with the technique [187]. The principal cause of failure is 
the plugging of the small-diameter injection ports due to solids present in the 
annulus f hid and/or microbiological corrosion as well as inhibitor separation 
or polymerization. Weighting agents must be added to inhibitors in high-pressure 
wells in order to apply adequate backpressure at the packer and injection valve. 
The wells completed with gas-lift can be treated by injecting corrosion inhibitors 
down the annulus through the operating gas-lift valve as shown in Figure 6254. 

Based on observed field results, the continuous treating method in gas-lift 
wells has shown that [186]: 

1. Corrosion-inhibitor transport in the gas-lift gas stream is a feasible treating 

2. Operating problems do not result from the presence of liquid inhibitors 
technique. 

in the gas-lift system. 
(tezt continued on page 903) 
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(text continved fiom page 897) 

3. The continuous-inhibitor, treating method offers corrosion prevention of 
gas-lift well tubulars at least equivalent to that afforded by a well-managed, 
conventional batch-treating program. 

Continuously transmitting inhibitors downhole through capillary tubing has 
overcome many problems caused by other techniques. The philosophy behind 
the development of this method was to design a continuous, downhole-injection 
system that would not effect major changes in the drilling or completion 
program of a well, but would offer a higher degree of flexibility and reliability. 
A well completion with th is  technique is shown in Figure 6-255. It requires (1) a 
modified sidepocket, gas-lift mandrel and valve; (2) a required length of injection 
tubing (0.25 in. OD with a 0.049-in. wall); (3) special clamps to support and 
protect the injection tubing; and (4) a tubing hanger bored to accept the injec- 
tion tubing. The amount of corrosion inhibitor required for continuous transmis- 
sion downhole can be determined by the following relationship [181,182,184]: 

5.82 x 104)(d)(D,) vi = ( (6-341) 
Ci 

where Ci = corrosion inhibitor concentration in % 
d = production tubing (ID) in in. 

Dm = production tubing measured depth in ft 
Vi = volume of corrosion inhibitor in gal/day 

Laboratory and field comparison of continuous inhibitor injection by the 
capillary system, bottomhole valve and other techniques has shown the following 
advantages of transmitting inhibitor downhole through an annular-mounted 
capillary [ 18 1,1821. 

1. Assures delivery of clean, debris-fkee inhibitor to downhole-injection chamber. 
2. Capillary volume is small, minimizing time and well-temperature effects on 

3. Inhibitor formulas and injection rates can be changed quickly. 
4. Design of capillary system minimizes the possibility of communication 

5.  Capillary can be used for batching of combination treatments, such as 

6. More efficient production is achieved. 
7. Capital investments, chemical costs and manpower requirements are reduced. 

Formatlon Squeeze Treating Techniques. The squeeze-treating technique 
consists of forcing corrosion or scale inhibitors into an oil, gas, or water-bearing 
formation. The squeeze technique can be successful when treating a producing 
formation with sufficiently porous strata [ 1851. In the squeeze treatment, the 
mixture of corrosion and/or scale inhibitor and a compatible diluent is injected 
down the tubing and into the formation. Generally, an “overflush” of oil or brine 
of the required volume is necessary to push the mixture further into the 
formation. The frequency of the squeeze treatment and the type of chemical 
required often is difficult to simulate in the laboratory. Frequency usually is 
assessed by monitoring the residual inhibitor found in the production effluent. 
The dynamic, laboratory test is used to determine initial inhibitor concentration 

inhibitor. 

between the tubing and casing-annulus. 

corrosion and scale inhibitors, foaming agents and cleaning agents. 
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at certain given conditions [181,184]. When initial inhibitor concentrations are 
found by this test, the mixture of inhibitor and its diluent (generally 10 to 25% 
inhibitor) is squeezed into the formation. This initial squeeze is applied only to 
treat the well for short periods of time, approximately 2 to 3 weeks. The main 
purpose of initial squeeze treatment is a study of actual inhibitor performance. 
Generally, the amount of inhibitor concentration flowback with production 
should be known to calculate the quantity of chemical needed to treat the well 
for longer periods of time (usually 3 to 18 months). 

The following relationship has been used in several cases to calculate the 
volume of inhibitor needed [184]: 

(6-342) 

where Ci = inhibitor concentration in ppm 
f, = water cut in I 
q = production rate in bpd 
t = desired treatment life in days 

Vi = amount of inhibitor without diluent in bbl 

The inhibitor concentration (Ci) is dependent on inhibitor concentration flow- 
back as mentioned earlier. It has been found experimentally that in initial 
squeeze treating, an inhibitor concentration can be based on laboratory dynamic 
tests, but most operators try to use higher concentration of the inhibitor for 
the initial squeeze job. The majority of actual field squeeze jobs shown that the 
actual (Ci) is three times greater than inhibitor concentration f low-back. Then 

ci = 3 x c, (6-343) 

where Ci, = flow-back inhibitor concentration in ppm 

It is believed that one-third of the inhibitor is lost due to adsorption in the 
formation, and that one-third flows back immediately after the well is returned 
to production. The remaining one-third flows back with the produced fluids, 
giving protection for a period of time. 

Any squeezetreatment job requires extensive laboratory study. For example, 
if the design of the squeeze job is based on adsorption characteristics, and if 
the liquids do not contact the assumed surface area inside the formation because 
of fractures and cavities, the life-span of the job will be short. Therefore, 
Equations 6-342 and 6-349 are only practical assumptions of the life-span and 
quantity of inhibitors. As is shown in Equation 6-342, expected treatment life 
tends to decrease with increased water production. 

One of the factors influencing the effectiveness and economic aspects of 
squeeze treatments in water flooding is proper timing for starting the process. 
This should begin as soon as water breakthrough is accomplished. If the squeeze 
treatments are started too late, the well will plug, and, if too early, expensive 
chemical will be wasted [186]. The squeeze-treating technique can be a very 
effective inhibitor injection method when applied in producing formations with 
sufficiently porous strata. One of the disadvantages with the squeeze technique 
compared to other techniques is the longer shut-in time required to inject the 
chemical into and through the formation [181]. 
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Comparison of Treating Techniques. The comparison between the mentioned 
inhibitor injection techniques has indicated that continuous, downhole-inhibitor 
injection is the most reliable and effective treatment method to mitigate 
corrosion problems in oil and gas wells. Table 6-67 is an effective comparison 
of various treating techniques [181,182,184]. 

The comparison of annual chemical injection costs for squeeze job, continuous 
injection and tubing displacement in Ekofish (North Sea) Field i s  shown in Table 

Table 6438 shows three, inhibitor-treating methods (cost of diluent = $1.25/gal) 
(Ci, = 40 ppm; chemical injection is based on the 5% and 10% inhibitor/diesel 
oil solution) (cost of inhibitor = $8/gal). Squeeze costs are based on four 
treatments per year; tubing displacement is based on a monthly well treatment 
(12 treatments per year). 

As shown in Tables 6-67 and 6-68, the advantages of continuous treatment 
over other treating techniques are well demonstrated by actual field work and 
literature surveys. The advantages of continuous, downhole injection of inhibitors 
over batch and squeeze jobs can be summarized as follows: 

6-68 [181,182]. 

1. Continuous injection of inhibitors assures optimum corrosion control. 
2. Corrosion-erosion attack is minimized by continuously applying inhibitor. 
3. Inhibitor does not contact producing formation. 
4. Shut-in time is not required. 
5. Volume of inhibitor can be adjusted for changes in production rates. 
6. Cost is minimized. 

Corrosion in Water Floods 

Water flood operation is a common enhanced oil recovery method used to 
increase the amount of oil recovered. Water can be used from natural sources, 
or produced water can be used for injection into the injection well. Sometimes 
the volume of water needed to inject and flood the reservoir exceeds as much 

Table 6-67 
Comparison of Corrosion Treatment Methods 

.Production 
Gas Gas Oil Flow Effiaency Frequency Formation Shut-h 

Cond. V R (Days) Dama%e Time 

Batch Treatment 

yes yes n o  <Ve 60 to 80 <30 very unlikely Yes 

Tubing Displacement 

yes yes yes <Ve 80 to 90 <30 unlikely Yes 
Formation Squeeze 

yes yes yes >Ve 80 to 90 >30 possibly Yes 

Continuous Treatment 
yes yes yes >Ve 95 to 100 - none no 

(Ve = erosional velocity ft/sec) 
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Table 6-68 
Comparison of Annual Chemical Costs [181,182] 

Well Produdon/GOR Squeeze Continuous Tubing-Displacement 

100 bpd/5,000 $123,000 (5%) ‘$23,000 (10%) $110,000 (10%) 
cost Ratio 3.5 1 3.1 

5,000 bpd/5,000 $350,000 (5%) $60,000 (10%) $110,000 (10%) 

10,000 bpd/5,000 $415,000 (10%) $120,000 (10%) $110,000 (10%) 

cost Ratio 5.8 1 1.8 

cost Ratio 3.8 1 0.9 

1,000 bpd/ 12,500 $209,000 (5%) 935,000 (10%) $110,000 (10%) 
cost Ratio 6.0 1 3.1 

5,000 bpd/ 12,300 $502,000 (10%) $60,000 (10%) $110,000 (10%) 
Cost Ratio 8.2 1 1.8 

as ten times the oil produced. Briefly, the water-flooding process entails a 
number of steps as follows: 

1. Locating a satisfactory source of water. 
2. Treating water to prevent corrosion and scaling or to improve water quality. 
3. Moving the high-pressure water through distribution lines to well-heads of 

injection wells and down the tubing to the formation. 

The objective of this section related to the water-flooding operation is to 
explain the effect of injection water on corrosion and scale formation, and to 
decrease the use of corrosion and scale inhibitors in minimizing corrosion and 
scaling tendencies. As was pointed out earlier, oxygen is a potent corrosive, even 
in very low concentrations. Obviously, injected water contains considerable 
dissolved oxygen if the source of injection water is open to atmosphere. Injection 
water treatment can be divided into four problem areas that are classified 
as follows: 

1. filtration 
2. corrosion 
3. scale 
4. bacteria 

Water quality is a function of the quantity and the nature of suspended solids. 
The water must be of such quality that it can flow into and through the 
formation at acceptable volumes and pressure without restrictive plugging. Some 
of the characteristics of solids and formations that enter into water quality are 
summarized as follows [180]: 
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Water Rock 

Turbidity Porosity 
Suspended particles Pore size 

Quantity Pore size distribution 
Shape Tortuosity 
Form Permeability 
Size Fractures 

Filtration is commonly employed to remove suspended solids and make water 
acceptable for injection. There are several types of filtration. 

Both produced water and water from natural sources are carriers of dissolved 
gases, such as oxygen, carbon dioxide and hydrogen sulfide. Corrosion cells will 
not be established without presence of moisture or liquid water. Therefore, water- 
flooding operations deal with more corrosive environments than does primary 
production [187,188]. Although pure water, free of minerals and dissolved gases, 
is known to be practically noncorrosive, it is impractical in field operations to 
prepare water of such a quality. Basically, corrosion in water flooding is caused 
by organic or inorganic acids and oxygen. 

Oxygen Scavengers. The film-forming amines as corrosion inhibitors have little 
effect in decreasing the concentration of oxygen. The most effective method to 
decrease dissolved oxygen is believed to be scavengers, which are applied to remove 
oxygen from water by chemical reaction. Chemical scavenging can be economically 
unacceptable when large quantities of oxygen are to be removed [189]. There are 
different kinds of chemical materials that are used as oxygen scavengers in the 
produced water and injection water. Commonly, sulfite ions such as sodium sulfite, 
sodium bisulfite, ammonium bisulfite and sulfur dioxide, as well as hydrazine, aided 
by metal catalysts such as Fe, Ni, Co, Cu and Mn are known as the most effective 
oxygen scavengers in the oil field. Sulfur dioxide (SO,) is supplied in cylinders as 
a liquid under pressure. The oxygen removal reaction with SO, is 

SO, + H,O + LO, + HSO, 
2 (6-344) 

The amount of SO, required to remove oxygen is four times by weight the 
amount of oxygen present. Application of SO, is achieved by the use of a by- 
pass line. The scavenger is added to the by-pass fluids and returned to the system 
by a pump. Commonly, the material used for the by-pass system should be 
resistant to acid attack. A catalyst can be applied to accelerate oxygen removal. 
Precipitation of sulfate can occur as a result of reaction products in the presence 
of barium, strontium or calcium [150,172]. 

Ammonium bisulfite [(NHJHSO,] requires a 5:l ratio by weight for reaction 
[172]. The ammonium bisulfite is injected directly into the system. A catalyst is 
not usually needed in oilfield brine, but usually is in fresher water. Sodium 
sulfite (Na$O,) is also used to remove dissolved oxygen and is commercially 
available as a powder. The chemical reaction between sodium sulfite and oxygen 
can be written as 

1 
2 

Na,SO, + -0, + Na,SO, (6-345) 
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The amount of Na,SO, required to react is eight times by weight the amount 
of dissolved oxygen present. A catalyst such as cobalt (Cos+) is used in the range 
of 1 to 5 ppb based on the total fluids. A catalyst can be added directly to the 
Na$O,. Because a sodium sulfite solution will react readily with atmospheric 
oxygen, an inert atmosphere should be used during mixing and application. 
Metal ions, such as Fez+, Ni*+, Cos+, Cu*+ and Mns+, catalyze the sulfite-oxygen 
reaction [150,189]. 

Hydrazine is the most effective oxygen removal agent at higher temperatures 
of approximately 200°F. When the reaction must be catalyzed, the catalyst is 
most often added as the metal chloride. Hydrazine reacts with oxygen on a 
1-to-1 basis on stoichiometry. Actually, hydrazine is shipped as a 35% liquid. The 
reaction equation is 

N,H, + 0, 2H,O + N, (6-346) 

One of the most practical oxygen scavengers that has a great deal of applica- 
tion in recent years in water flooding and steam generation is characterized by 
(1) a catalyst comprising an anthraquinone-disulfonic acid (AQ) and a vanadate 
salt, for example, sodium vanadate (N%VO,), and (2) a reducing agent such as 
H,S or hydrazine. The oxygen scavenging reaction can be written as [190] 

2H,S + 0, - AQ 2S+2Hs0 
Na,VO, 

and 

N,H, + 0, - N,+2H20  
Na,VO, 

(6-347) 

(6-348) 

Other sodium salts, such as sodium bisulfite, sodium meta-bisulfite and 
sodium hydrosulfite can be used as oxygen scavengers. Amine sulfites have had 
some success both as scavengers and as conventional corrosion inhibitors. Factors 
such as their cost, high ratio of scavenger-to-oxygen requirement, solubility, 
stability and compatibility have hindered increased field application. 

The effective inhibition of oxygen corrosion usually involves passivating 
inhibitors such as chromates, nitrites, inorganic barrier formers such as calcium 
plus bicarbonate, zinc salts, phosphate combinations or silicates [ 1911. 

The majority of corrosion inhibitors employed to decrease the rate of corrosion 
by dissolved oxygen appear to be centered on variations of the zinc phosphate 
and organic components. A mixture of 0.1 to 1.0 ppm of hydrazine and film- 
forming, long-chain nitrogeneous compounds such as imidazoline is reported to 
be very effective at concentrations of 5 to 200 ppm in water-flooding operations 
to minimize corrosion due to oxygen and dissolved gases [150,179,191]. 

lnhibltion or Water-Flood Corroslon. Inhibitors used in water-flood operation 
are substantially like those inhibitors that are applied in primary production. 
Hydrogen sulfide, carbon dioxide, oxygen and other low-molecular-weight 
organic acids are believed to be the most important constituents that accelerate 
corrosion in water-f lood operation. The use of oil-soluble, film-forming organic 
compounds as corrosion inhibitors is not practically recommended in water-flood 
operations because of the water-wetting phase on the metal surface and lack of 
oil phase. In the case of water-wetting phase in injection and production well 
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facilities, extensive attention should be given to the selection of the proper 
inhibitor that gives the desirable inhibition effectiveness. Generally, water-soluble 
organic compounds as corrosion inhibitors have reverse-wetting characteristics 
that can convert the water-wet phase on metal surfaces to oil wetting in the 
producing wells [178,179]. 

Because of the water-wetting phase factor, the use of water-soluble, film- 
forming organic corrosion inhibitors is becoming more acceptable in water- 
flooding operations. However, use of water-soluble inhibitors requires extensive 
laboratory investigation to establish effective inhibitors. Generally, water solubility 
of the basic, filming-amine type of inhibitor with molecules consisting of a 
carbon chain and a polar group, can be increased by increasing the solubility 
of the hydrophilic portion of the molecule. Also, it is noted that multiple polar 
groups such as diamines or imidazolines instead of monoamines will increase 
hydrophilicity. The most practical corrosion inhibitors in water-f lood operation 
are variations of the following materials: 

primary monoamines 
polysubstituted monoamines 
diamines 
polyamines 
imidazolines 
quaternary ammonium compounds 

Aminotri (methyl phosphonic acids) as corrosion and scale inhibitors are 
widely applied in water-f looding operations because of their high water-solubility 
[166]. The imidazoline-aliphatic acids salts are known to be applicable corrosion 
inhibitors in water-flood operation due to their high water-solubility [ 1671. The 
mixture of 5 to 200 pprn imidazoline and about 0.01 to 1 ppm hydrazine is noted 
to protect oilfield metals in water-flood operations [ 1751. 

Cyclic amidine salts as corrosion inhibitors are applied in environments with 
high concentrations of CO,, H,S and 0,. Inhibitors can be prepared either oil- 
soluble, water-dispersible or water-soluble. These materials as inhibitors are very 
effective in concentrations of 40 to 80 ppm in water-flood and primary produc- 
tion operations at 200°F [176,179]. 

Scale Deposition and Scale Inhlbltion. Scaling is the precipitation of dense, 
adherent material on metal surfaces and other materials. Normally, precipitation 
of scale-forming salts occurs when solubilities are exceeded because of high 
concentrations or unfavorable temperatures. The problem of scale in water 
flooding occurs all the way from the water injection facilities to the producing 
well. Generally, there are six important regions where scaling can occur during 
and after injection operations [152,186,192]. These are: 

1. in the injector wellbore 
2. near the injection-well bottomhole 
3. in the reservoir between the injector and the producer 
4. at the skin of the producer well 
5. in the producer wellbore 
6. at the surface facilities 

Wide variations in temperature, total pressure and changes in pressure during 
production make practical control of scale deposition difficult in water-f looding 
operations. CaSO, (calcium sulfate), CaCO, (calcium carbonate), BaSO, (barium 
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sulfate), SrSO, (strontium sulfate), FeCO, (iron carbonate) and iron hydroxides 
are the most common scales in oilfield environments. Injection-water incom- 
patibility with reservoir formation and brine, changes of the thermodynamic, 
kinetic, and hydrodynamic conditions under which the waters are found, injected 
and produced are the major causes of scale deposition in oil and gas wells. 

There are some scale deposits in oilfield environments that are called 
pseudoscale; that is, the deposit of a reaction product between two or more 
human-introduced chemicals, or between a naturally occurring f h id and one 
or more human-introduced chemicals. For example, most water-soluble corrosion 
inhibitors have a tendency to establish pseudoscale. Also, scale inhibitors such 
as phosphonates and polymers react with Cas+ and/or Mg2+ ions in oilfield 
brines, thus forming pseudoscales that look and behave exactly like "real" 
scale [179,192]. 

There are a number of reasons for precipitating scale. Temperature, pressure 
and water incompatibility are known to be the major causes of scale deposition 
in oilfield environments. Scales are usually formed in a supersaturation condi- 
tion; that is, when the solubility product of a deposit-forming material is 
exceeded, it precipitates. Each scale is deposited under certain conditions that 
depend on temperature, pressure and mineral content. 

A supersaturated solution is a solution that contains a higher concentration 
of a particular mineral than the solution can hold under the same set of 
conditions with its solute in equilibrium [ 179,1931. 

There are two states of supersaturation: metastable and labile. Figure 6-256 
represents a normal solubility curve and two different states of supersaturation. 

I 
/ 

/ 
I Zone of Spontaneous / 

Crystallization / 

Temperature - 
Figure 6-256. Variation of solubility and supersaturation with temperature [152]. 
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It should be mentioned that a scale inhibitor tends to shift the dotted line, which 
is a function of f h id  velocity, hydrocarbon content, agitation, temperature, 
pressure and pH, toward the solid line that represents the normal solubility 
curve. Normally, crystallization of scale will not occur in the stable region 
(unsaturated). In the metastable region, spontaneous crystallization does not 
occur nor do scales form rapidly. In the upper portion, above the dotted line 
that represents the unstable, or labile region, spontaneous crystallization is 
probable [ 152,192,1931. 

Barium sulfate crystallization and adherence will increase with decreasing tem- 
perature. Other factors that have direct influence on the solubility of BaSO, 
are increasing pressure and increasing salt content of the brine. Figure 6-257 
shows solubility of barium sulfate as a function of temperature. 

Ethylenediaminetetraacetic acid (EDTA) and nitrilotriacetic acid (NTA) are 
known to be the common solvents for barium sulfate. These solvents and some 
other similar chelating compounds break down the BaSO, crystals by tying up 
the Ba2+ ions. The dissolved Ba2+ ions are masked or chelated. Therefore, they 
become incorporated into new chemical compounds that are soluble [ 192-1941. 

The mechanism of scale inhibitors in preventing scaling tendency is very 
difficult to predict under a given set of conditions. Some scale inhibitors are 
believed to prevent the crystallization of a scale, and others are believed to 
prevent the adherence of crystals to themselves or to metal surfaces in the field. 
Obviously, if there is a scale inhibitor that can prevent crystallization of scale, 

0 43 86 129 172 21 5 
Temperature, O F  

Flgure 6-257. Barium sulfate solubility in water [236]. 
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Scale Inhibitor Inhibitor Concentration Maximum 
Type PPm TemperatureOF 

it can be sufficiently effective to minimize scale adherence tendencies. Com- 
monly, the most effective scale inhibitors are the derivatives of one of the 
following chemicals: 

1. polymers (polymaleic acids, polyacrylates) 
2. esters of phosphoric acid 
3. phosphonates, such as triethylenediaminetetra (methylene phosphonic acid) 

The necessary concentration of scale inhibitor is a function of three variables- 
supersaturation, temperature and the chemical composition of the scale. The 
higher the supersaturation and the higher the temperature, the higher will be 
the inhibitor concentration required to prevent the precipitation of a given 
amount of scale per unit volume of solution. Extensive laboratory and field 
experiments indicate the inhibitors listed in Table 6-69 are effective against the 
BaSO, scale [179,196]. 

There are a few disadvantages of some of the scale inhibitors that lead to 
formation of emulsions and pseudoscale. Basically, the inhibitor reactions with 
dissolved ions in oilfield brines are believed to be the main causes of pseudo- 
scale. The pseudoscales are mostly caused by interactions between the dissolved 
ions such as Ba*, Ca*+ and Mg9' ions in the brine and the applied inhibitors. 
The pseudoscales act like a real scale. Therefore, additional problems caused 
by deposition of pseudoscales can be encountered with the application of 
improper inhibitors. Normally most oilfield operators try to solve emulsion 
problems by raising the temperature in the heater-treater. However, as tem- 
perature increases in the heater-treaters, more scaling is encountered. Therefore, 
the application of an effective inhibitor under specific conditions requires 
laboratory studies and field tests. To predict the emulsification tendency of an 
inhibitor with crude oil, a dynamic test is usually required under specific given 
conditions employing kerosene and/or the specific crude oil [ 179,192,1931. 

Strontium sulfate (SrSO,) follows the same behavior and role as BaSO,. The 
strontium sulfate scale results mostly from mixing incompatible waters. As shown 
in Figure 6-258, solubility of SrSO, is a function of temperature. Most operators 
try to avoid strontium sulfate scale problems by preventing crystal growth and 
adherence of crystals to one another or to metal and/or porous media by 
applying an effective chemical. Field experiences indicate that phosphonate salts 
rather than polymers and phosphate esters show very good inhibition efficiency 
[179,192,193,196]. 

The phosphonate inhibitor in acid solution is injected into the producing zone 
by a squeeze treatment. Bottle tests of phosphonate inhibitors indicate that 95% 
protection can be provided at 10 ppm of inhibitor. The use of phosphate ester 

Esters 10 to 25 
Phosphonates 10 to 25 
Polyelectrolytes(po1ymer) 15 to 45 

2 50 
350 
350 

1 1 
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0 
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0 180 320 480 640 800 
Temperature, O F  

Figure 6-258. Strontium sulfate solubility in water [198]. 

for preventing crystallization or adherence of SrSO, is usually ineffective at 
temperatures above 200'F [ 196-1981. Strontium sulfate control by phosphonates 
salts has shown good results by squeezing these chemicals after acidification with 
HC1 to form phosphonic acids in the Fateh field, where the strontium sulfate 
scale was found in water-flood operation because of incompatibility of injected 
water and brine [192,197,198]. 

Calcium sulfate (CaSO,) is also known as one of the most common scales in 
oilfield environments. The main reason for the scaling difficulties experienced 
with calcium sulfate is the solubility behavior of calcium sulfate in its three 
forms: dihydrate or gypsum (CaSO, 2H,O), anhydrite (CaSO,) and hemihydrate 
(CaSO, jH,O). Gypsum is less soluble at low temperatures but anhydrite is 
formed at higher temperatures. Pressure drops play a major role in deposition 
of gypsum and anhydrite scales. Figure 6-259 shows solubility of calcium sulfate 
as a function of temperature [192,199]. Some water-flooding operations in Texas 
and Wyoming have indicated significant production declines due to deposition 
of calcium sulfate. One of the major causes of calcium sulfate scale deposition 
in oil fields is known to be the presence of high quantities of native anhydrite 
in the reservoir formation as well as incompatibility of injection and reservoir 
waters [ 166,192,1971. 

Normally, fracturing jobs will increase the scale problem unless scale deposi- 
tion is effectively prevented. The squeeze treatment is known to be the most 
effective method for application of scale inhibitors to prevent calcium sulfate 
deposition. One of the most effective scale inhibitors to prevent CaSO, scale is 
a water solution of imidazolines and aminotri(methy1phosphonic acids) [ 1661. 
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Figure 6-259. Calcium sulfate solubility in water [236]. 

This chemical composition as a scale inhibitor was tried in a well near Powell, 
Wyoming, in which calcium sulfate scale problems were known to be the only 
cause of the production decline of a well from 380 to 42 bpd. After physically 
breaking up the scale with explosives, the scale inhibitor at 130 ppm con- 
centration was injected by a squeeze treatment. Table 6-70 is the production 
performance of the treated well with the mentioned inhibitor [166]. 

The majority of laboratory and field experiments show that phosphonates and 
low-molecular-weight polyacrylate scale inhibitors are effective in preventing the 
formation of calcium sulfate scale at temperatures up to 300°F. Experiments 
using phosphonates and polyacrylates have shown that metastable compounds 
such as gypsum scale were dehydrated to anhydrous calcium sulfate within the 
deposit. The additional influence of a phosphonate-type scale inhibitor at high 
temperature in a supersaturated calcium sulfate solution reduces the growth rate 
of all three forms of calcium sulfate crystals, but at 265°F the phosphonate-type 
scale inhibitors accelerate formation of anhydrite. To prevent the formation of 
anhydrite the application of a low-molecular-weight polyacrylic acid is suggested 

Calcium carbonate (CaCO,) scale is normally encountered in primary oil 
production, water flooding, and carbon dioxide flooding. For a low carbon 
dioxide partial pressure, calcium carbonate shows lower solubility than it does 
at higher partial pressures. However, the temperature fluctuation, pH alteration, 
injection and produced water are the most influential factors in precipitation 
of calcium carbonate. Figure 6-260 shows the limiting pH level for CaCO, 

[ 196,200-2021. 
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Table 8-70 
Effect of Amino-Tri-(Methyl Phosphonic Acid) 
as a Scale Inhibitor of Calcium Sulfate [lSe] 

Days After Concentration Production Rate bbl/day 
Treatment (in Production) oil Water 
- - 42 24 

2 130 196 186 
5 130 408 161 

11 130 312 172 
35 130 219 135 
46 60 219 135 
62 40 219 135 
74 40 204 138 
77 80 204 138 
89 60 204 120 

102 60 237 120 
103 40 237 120 
117 50 237 120 
122 50 198 132 

Inhibitor 

9.00 

8.25 

L s 
? 7.50 
ca 

0 

B 

6.75 

6.00 

Flgure 

0 

6-260. 

I I 1 1 

60 

Calcium carbonate 

120 1 80 
Temperature, O F  

scaling threshold in 

240 

normal seawater 

300 

[163]. 
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precipitation from normal seawater as a function of temperature. Other waters 
will have similar responses. Deposition of CaCO, scale results from precipitation 
of calcium carbonate according to the following equation [ 1801: 

Ca" + CO; CaCO, (6-349) 

The solubility of calcium carbonate decreases with increasing temperature. 
Normally, when carbon dioxide comes in contact with water, it dissolves and 
forms carbonic acid, and carbonic acid is ionized by the following reactions: 

CO, + H,O + H&O, (6-350) 

HCO, + H+ + HC; (6-351) 

HCO; + H' + CO; (6-352) 

The effect of carbon dioxide pressure on calcium carbonate solubility i s  shown 
in Figure 6-261 [203]. Normally, as the water is produced, the carbon dioxide 
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Flgure 6-261. Influence of carbon dioxide partial pressure on solubility of 
calcium carbonate [203]. 
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pressure decreases as the water reaches the surface. This phenomenon upsets 
the chemical equilibrium, and scale deposits. As was pointed out earlier, at lower 
temperatures calcium carbonate has higher solubility as shown by Figure 6-262 
'[203]. Therefore, calcium carbonate scaling tends to be lower at the surface 
facilities than at the production wellbore as predicted from temperature change. 
Table 6-71 shows solubility of calcium carbonate at different CO, partial 
pressures and temperatures [204]. 

The use of scale inhibitors is necessary to prevent calcium carbonate (CaCO,) 
crystallization and adherence in water-f looding and carbon dioxide-flooding 
operations. Generally, the majority of scale inhibitors for prevention of calcium 
carbonate deposition are derivatives of phosphonates, phosphate esters and 
polymers such as polyacrylates and polymaleic acids derivatives [205]. One of 
the most useful scale inhibitors for reducing the growth rate of calcium carbo- 
nate crystallization at 2 15°F is hydroxyethylidene 1,l-diphosophonic acid 
(HEDP). Inorganic polymetaphosphates have a successful history of being applied 
as scale inhibitors. Normally, the original polymetaphosphates used as scale- 
prevention chemicals are sodium salts of metaphosphoric acid. Dimetallic 

1400 
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Temperature, O F  
Figure 6-262. Effect of temperature on the solubility of calcium carbonate [203]. 



Corrosion and Scaling 919 

Table 6-71 
Solubility of Calcium Carbonate at Different Temperatures 

and Carbon Dioxide Partial Pressures [204] 

Partial Pressure Temperature F 
of COS, atm 100°F 150°F 200°F 250°F 300°F 

1 0.261 0.094 0.040 0.015 0.006 
4 0.360 0.158 0.063 0.024 0.009 

12 0.353 0.221 0.091 0.036 0.012 
62 - 0.405 0.152 0.051 0.014 

(solubilities in g CaCOs/l,OOO g solution) 

phosphates are known to be very effective in preventing calcium carbonate 
deposition. The concentration of dimetallic phosphate in order to stop and/or 
decrease scale deposition of calcium carbonate depends on amounts of carbonate 
dissolved in water. For example, for every 100 ppm of calcium carbonate, 2 ppm 
of dimetallic phosphate is necessary to prevent the precipitation [ 197,202-2061. 

Table 6-72 shows some typical phosphates used for preventing CaCO, scale 
formation in producing and injection wells. Normally, the concentration of these 
phosphates ranges between 5 and 60 ppm, depending upon watercut, treatment 
application, water compatibility and type of scale formation [ 1871. 

Other scale inhibitors, such as organic compounds, have shown better results 
in inhibition of calcium carbonate and other scales formed at higher tempera- 
tures. Within these organic scale inhibitors, phosphonate materials are the most 
effective. The majority of experience in actual field environments indicates that 
the general types of organic materials used as scale inhibitors such as phospho- 
nates, disphosphonates, phosphate esters and polyacrylates in concentration of 
10 to 100 ppm, are effective in stopping scale deposition through squeeze 

Table 6-72 
Typical Phosphates as Scale Inhibitors of Calcium Carbonate [ISA 

Names of Phosphate Formula 

Tetrasodium Pyrophosphate Na4 p2 0 7  

Sodium triphosphate Na5 ps 0 1 0  

Trisodium tripolyphosphate Nas ps 0 9  

Hexasodium hexametaphosphate N% p6c 0 1 8  

Sodiumcalcium phosphate Na20 CaO P205 

Sodium-magnesium phosphate 

Sodium-zinc phosphate 

Na20  MgO P2 O5 

Na20 ZnO P2 O5 



920 Production 

treatments. Table 6-73 shows some typical phosphonates used as inhibitors 
against calcium carbonate scale [20’7]. Recently organic chelating agents have 
been widely used to complex with metal ions in water to stop scaling. One of 
the most common organic chelating agents is ethylenediaminetetratic acid 
(EDTA) or its sodium salts. EDTA forms stable soluble complexes with mag- 
nesium, calcium, strontium, barium, etc. When these metal ions have formed 
the soluble complex with EDTA, they cannot combine with the carbonate and/ 
or sulfate ions in the water to form a scale. The use of chelating agents as scale 
inhibitors can be prohibitive in water-flooding operations because of their expense 
in the high volumes of water necessary for water-flood operations [ 192,2061. 

Microbiological Corroslon. Bacteria in injection water and produced water can 
contribute to corrosion. Bacteria may best be classified according to their oxygen 
requirement in order to grow. Obligate aerobes grow only in an aerobic environ- 
ment where the presence of molecular oxygen is required. Obligate anaerobes 
grow only in an anaerobic environment in the absence of oxygen [208]. Bacteria 
present in injection water or other oilfield water generally grow best in the pH 
range between 5 and 9 and in the temperature range of 0°F to 180°F [208]. 
Normally, bacteria tend more to grow in freshwater, but some are capable of 
growth in brines. The establishment of oxygen concentration cells by micro- 
organisms is very common in oilfield environments. Any species or mixed 
population of bacteria, algae or other microorganic growth that produces 
nonconducting layers on the metal surface would increase potential for dif- 
ferential oxygen cells as explained earlier [ 187,2081. 

Slime-forming microorganisms such as the iron bacteria (Crenothrix and 
Gallionella), which function only in the presence of air, can result in unwanted 
accumulations of iron oxide solids. Once an accumulation is established, the 
organisms increase the size and amount of deposit by their own growth and 

Table 6-73 
Typical Phosphonates as Scale Inhibitors of Calcium Carbonate [20q 

Inhibitor Formula 

Aminotri (methylene 
phosphonic acid) 

1 -Hydroxyethylidiene 
1, l -  diphosphonic acid HOC (POsH2) nCH3 

Ethylenediaminetetra 
(methylene phosphonic-acid) (H208W2)2NC332CH2N (CHZPOSHZ)~ 
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by entrainment and absorption of suspended solids in the water. Since the 
microbialdebris mass is usually semipermeable, it separates the area immediately 
under the mass from the main water-stream. Oxygen concentration under the 
mass becomes lower than in the main water-body. This differential in oxygen 
concentration increases the cathodic area, and corrosion takes place in anodic 
areas under the deposit mass, causing pitting. Usually, the outer surface of the 
microbialdebris mass is reddish or tan colored due to the presence of oxides 
and hydroxides of iron. The mass itself may be slimy or hard and brittle, 
especially if carbonate or sulfate deposits are present. Sulfatereducing bacteria, 
which are viable in the absence of air, produce hydrogen sulfide in the water, 
resulting in corrosion. Sulfate-reducing bacteria (DesuEfouibric) are the most 
important and damaging microorganisms in oil-producing operations. They are 
extremely efficient and active cathodic depolarizers. They react with the hydrogen 
available in water to produce hydrogen sulfide by the following reactions: 

8(e) + SO; + 10H" + H,S + 4H,O (6-353) 

As is shown in the above reaction, for each molecule of sulfate ion that is 
reduced to a molecule of H,S, about 10 atoms of hydrogen are needed. This 
explains the high rate of depolarization of the cathodes by sulfatereducing 
bacteria. Another factor in acceleration of corrosion by sulfate reducers in a 
clo:ed, air-free system is the production of insoluble iron sulfide as follows: 

H,S + Fe + FeSJ + H,? (6-354) 

Iron sulfide (FeS) is cathodic to iron or steel surfaces. Therefore, when sulfate 
reducing bacteria are localized and grow under debris, scale, or other bacterial 
masses in cracks or crevices where oxygen cannot penetrate, they accelerate 
corrosion rates. Sulfate-reducing bacteria and iron bacteria can produce masses 
that will plug water-injection wells and reduce flow in lines. Control of micro- 
organisms requires extensive attention to the quality of water handling and 
treatment. Chemical treatment is the most effective and certain method to assure 
control of microbiological problems. Chemical products can be subdivided into 
two categories: 

1. bactericides (biocides) 
2. bacteristats (biostats) 

Bactericidal (biocidal) chemicals are capable of killing various microorganisms, 
while bacteristats inhibit or retard the growth of bacteria, but do not kill the 
microorganisms at applied concentrations [ 188,208-2101. Some typical chemical 
compounds used as bactericides are shown in Table 6-74. Biocidal materials at 
high concentrations may often act as biostats at lower concentrations. 

In addition, the following chemical compositions are recommended as biocides 
and corrosion inhibitors [211]: 

1. acridine phosphonic compounds 
2. dihydroacridine phosphonates 
3. dihydrophenanthridine phosphonates 
4. dihydro-aromatic nitrogen-heterocyclic phosphonates 
5. nitrogen heterocyclic phosphonic acid 
6. nitrogen heterocyclic phosphates 
7. quaternary "full" nitrogen-heterocyclic phosphonates 
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Table 6-74 
List of Some Bactericidal Chemicals p12I 

%e of 
Chemical Name of Physical Concentration 

Compound Chemical Formula Form Employed, ppm 

Chromium Sodium chromate Naz Cr04 Solid 500 

Mercury Mercury chloride Hg C1, Solid 50-300 

Silver Silver nitrate Ag NO3 Solid 0.05 

Coco primary (R-NHs)+ 
Amine amine acetate (CH3C00)- Solid 10-40 

Coco trimethylene 
Diamine diamine Liquid 5-25 

Alkyl trimethyl 
Quaternary quaternary 
Ammonium ammonium 

chloride RN (CHs)s c1 Liquid 25-100 

l-Pheny-4,4 
dimethyl,- 

Imidazolines imidazoline CeHsNCHNC(CH3) 2CHz Solid 75-1 00 

Sodium 
Chlorinated tetrachloro 
Phenols phenate NaOC&CI4 Liquid 10-85 

Aldehydes Acrolein CH,=CH-CHO Liquid 10-85 

Peracetic 
Peroxygens acid CHsCOOzH Liquid >10 

Commonly, bacteristats should be applied in injection and/or production wells 
by continuous treatment. Other treatments, such as slug treatment and inter- 
mittent and squeeze treatments, are not suggested for application of bacteristats. 
There is not any restriction on application methods of biocides except from an 
economic point of view. There are some factors that should be considered when 
chemical treatment is employed [212]: 

1. Cleaning a system is of primary importance in treating microbiological 
problems. The system can be cleaned by acidizing, scrapers, applying 
detergents and solvents, and other cleaning methods. 

2. Chemicals selected for treatment should be evaluated in the laboratory for 
effectiveness of kill at various concentrations. The upper limitations on 
concentration of bactericide are determined by cost as well as on kill 
requirements. 
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3. The uses of biological control agents are covered by different laws and 
regulations. The Federal Insecticide, Fungicide, and Rodenticide Act 
requires the registration of all materials that claim biological control 
capability. With this registration, the manufacturer must not only provide 
proof of effectiveness, but also must relate environmental effects that could 
occur as a result of the use of the material. 

Recommended Procedures for Corrosion Control 

During production operations, failures of tubular goods and equipment are 
mainly caused by the presence of carbon dioxide, hydrogen sulfide, oxygen and 
water. The following general procedures for a new design are recommended. 

1. Evaluate the type of corrosion that might occur. In production operation, 
hydrogen sulfide, carbon dioxide, oxygen and water are the main causes 
of corrosion. 

2. Unless unavoidable, use high-alloy metal steels with a yield of below 80,000 
psi and 90,000 psi tensile strength for “sour” environment. While designing 
the tubular goods and equipment most compatible to the environment 
encountered consider the metallurgical factors and alloying elements for 
“sweet” and %our” oil and gas environment. 

3. Select the best and economically feasible inhibitor by considering similar 
situations and past experience with conditions close to those encountered. 
In the case of an unique condition, extensive lab tests should be performed 
to confirm the effectiveness of the inhibitor. 

4. Determine a method of application by considering its effectiveness, economy 
and frequency of application. 

5. Monitor and inspect the equipment if possible and keep track of the 
performance to evaluate and update the program treatment. 

To control the corrosion in the tubing, casing and surface equipment for a 
system already in operation, the material cannot be chosen since it is already 
in use. In this situation, corrosion can be controlled by a judicious selection of 
inhibitors and practical method of applying the inhibitor. A general procedure 
in existing system is as follows: 

1. Select the most effective inhibitor for the case. If possible, investigate its 
performance for similar situations in the field and in the lab. For hydrogen 
sulfide, filming amines and organic phosphates are reported to be effective 
corrosion inhibitors. Filming amines are also reported to be effective for 
carbonate dioxide. 

2. Determine the most effective concentration and amount of the inhibitor. 
3. Use a practical method to apply the inhibitor to the system. Since the 

continuous method, especially with a capillary system, is reported to be 
the most effective and economical, this method should be considered 
strongly if applicable. 

4. Determine the frequency of application. 
5. Monitor and evaluate the performance of the system and adjust the 

treatment program according to the observation. 

In water flooding not only is corrosion more severe than in primary produc- 
tion, but also there are scale problems. Since water is open to atmosphere, it 
dissolves more oxygen. Necessary water treatments include: 
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1. Filtration: to remove the suspended solids from water. 
2. Oxygen scavengers: to reduce the oxygen concentration. 
3. Scale inhibitors: either to prevent crystallization or prevent the adherence 

of crystals to the surface. It should be mentioned that improper use of 
scale causes pseudoscale; therefore, extensive field and lab tests should be 
performed to prevent this problem. 

4. Chemical treatment for bacteria: to reduce or eliminate the bacteria 
population. 

5. Corrosion inhibition: basically this is the same as primary production. It 
is more desirable to use inhibitors that reduce scale and are effective 
corrosion controllers. 

Transportation and Storage Equipment 

Surface equipment that is used to transport and store crude oil, refined liquid 
product and natural gas are quite prone to corrosion since they exist and operate 
in constantly changing environments (i.e., temperature and humidity). 

Crude Oil and Liquld-Product Pipelines 

Internal corrosion in product pipelines, in most cases, is caused by water and 
oxygen dissolved in the product. Dry refined products with normal additives 
are noncorrosive to steel pipelines. The products are corrosive because of 
associated water and air. A film of liquid water adheres to the pipeline surface, 
and oxygen is available from air dissolved in the product. The solubility of air 
in products varies, but there seems little doubt that refined products carry 
sufficient oxygen to support corrosion. Air is introduced into the products by 
tank mixers, turbulence, normal tank breathing, etc. 

Even though the product is clear when it is placed in the pipeline, indicating 
absence of free water, temperature drops may occur during transit and cause 
water to separate. Table 6-75 shows increasing solubility of water in gasoline as 
temperature increases. Table 6-76 indicates the range of solubility of water in 
some pure hydrocarbons. The important factor is the change in solubility per 
increment of temperature change. From Table 6-76 a 17°F increase in tem- 
perature doubles the solubility of water in n-pentane. 

Table 6-75 
Solublllty of Water In Gasoline 

Temperature Solubility 
P GeYlOOO bbl 
40 1% 
50 2J 
60 2A 
70 2.7 
80 31) 
90 33 

100 36 
110 41) 
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Table 6-76 

Hydrocarbon C 
rng/lOOg 

65 
65 
65 

121) 
9A 

11.1 
101) 
l2A 
142 
435 

104.7 
39.7 

GaYlOOOBbl 
1s 
1.7 
L6 
32 
2 4  
3.1 
3 3  
3.6 
42 

141 
308 
11.1 

Water is often carried into the pipeline as a separate phase. For example, 
where conventional floating roof tanks  are used during heavy rains, it is difficult 
to keep water from entering the product while it is being pumped to the 
pipeline. Covered floating roof tanks practically eliminate rain as a source of 
water [213]. 

n-butane 
isobutane 
n-pentane 

iwpultane 
n=hexmc 

cyclohexane 
n-heptane 
n-octane 
b c ~ n t  

h-tene-1 
butene1 

Methods of Control. Internal corrosion can be controlled by removing one of 
the active ingredients, water or air; by adding an inhibitor which will make the 
steel inactive; or using a barrier coating on the steel. 

Deaeration. Deaeration alone is probably not a practical method for controlling 
corrosion. However, if large amounts of oxygen are present in the product, it is 
desirable to reduce the oxygen content to an accept-able level. 

Dehydratl~n. Dehydration can be used to control corrosion if the water is kept 
at a low level. This method requires considerable equipment and manpower for 
maintenance, so the cost is high for control. Free water can be removed in the 
storage tank by allowing the water to settle out of the product. Free and 
entrained water can be removed by using water separators and coalescers. This 
is best done by filtering the products entering the system. 

Rust particles, dirt, etc., in the product will settle out in the low section of 
the pipeline if the flow velocity is not sufficient to keep the particles entrained. 
These particles, being of dissimilar electrochemical properties to the underlying 
metal, will form local corrosion cells in the presence of water. They will be 
filmed with a chemical inhibitor the same as the pipe, and this causes depletion 
of available inhibitor to protect the line. Most filters are designed to prevent 
free water from entering the system. Some of the common types of filters used 
include (a) hay tanks, (b) cartridge type, (c) centrifugal type. Selection of the 
filter will depend upon the application and design of each pipeline. 

20 68D 
19 662 
15 991) 

20 681) 
20 681) 
20 681) 
20 68.0 
20 681) 
20 681) 
205 689 
20 681) 

urn 76.6 
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Inhibltors. Chemical inhibitors can be divided into inorganic and organic 
compounds. Inorganic inhibitors, such as sodium nitrate, are usually water 
soluble; sodium nitrate was used with good results [213]. When using sodium 
nitrate, the pH must be above 6 because in an acid environment it decomposes, 
forming volatile nitric oxide and nitrogen peroxide. 

The most common method employed today in controlling internal corrosion 
is the use of organic or oil-soluble inhibitors. These inhibitors are generally 
hydrocarbons (with polar group attached) that tend to form a protective film 
on the pipeline’s internal surface [213]. 

Wafer-Soluble lnhibltors. Water-soluble corrosion inhibitors are widely used to 
solve internal pipeline corrosion problems. Because of the relatively short film 
life of water-soluble corrosion inhibitors, they are continuously injected as 
opposed to the batch-treatment method. 

Because water on the bottom of the pipe is the primary source of the 
corrosion problem, one might assume a water-soluble inhibitor to be the answer 
to treating a pipeline carrying crude oil and water. However, another problem 
must be considered. The portion of pipe occupied by the oil and water emulsion 
is also a corrosive environment. Under such conditions, a water-soluble inhibitor 
will probably not provide adequate protection. However, there is laboratory 
evidence that a portion is absorbed into the oil, and this can provide some 
protection in the oil phase (see Figures 6-263 and 6-264) [214]. 

Oil-Soluble lnhlbifors. The use of oil-soluble corrosion inhibitors is widespread 
in systems handling both oil and water. This type of inhibitor may do a good 
job protecting small-diameter pipelines because high velocity or turbulent flow 
prompts mixing of the inhibitor and produced fluids. However, due to reduction 
in velocity or turbulence, it may not provide the desired protection in large 
flowlines or pipelines carrying these same fluids. 

The oil-soluble inhibitors have the advantage that they may be injected at the 
refinery during the normal blending operations and will protect the refinery 
piping, the pipeline, the gasoline station tanks, etc. This advantage is fully 
realized when a company operates its own pipeline and handles its own products. 
Similarly, common-product pipelines can inject inhibitor at source points only, 
or can require shippers to supply inhibited products [215]. 

Mechanlcs of Inhibitor Applicatlon 

Inhibition can be accomplished by one of two general methods-by batch 
(intermittent) treatment or by continuous injection. Batch treatment normally 
entails pumping a suitable-size slug of pure or high-concentration inhibitor 
solution through the line. Frequency of the treatment is governed by the 
effectiveness of the inhibitor remaining after a given time or after a specified 
amount of product has been moved through the line. 

Continuous injection consists of adding a constant volume of inhibitor to the 
product being transported through the pipeline. This method is probably the 
most desirable and widely used. 

Injection facilities vary greatly in design and operation, and in general the 
installation consists of the following equipment units: 

1. inhibitor storage vessel 
2. injection pump 
3. measurement device (meter or calibrated sight glass) 
4. connection to the pipeline 
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Figure 6-263. Sweet corrosion wheel test [214]. 

30 

Positive-displacement chemical pumps, with adjustable capacity, are probably 
the most widely used on product pipelines [216]. 

Construction materials for the equipment should be suitable for continuous 
service when in contact with the inhibitor. Plain carbon steel or stainless steel 
should be suitable for most applications. Stainless steel should be considered 
for small-diameter piping or tubing where even minor rusting could cause 
plugging and make pumping of more viscous liquids difficult. When handling 
nitrogen-based inhibitors (amines, amides, nitrites, etc.) the use of copper or 
copper-based alloys should be avoided, as stress corrosion cracking might result. 
Nonmetallic seals and packing materials should be checked for compatibility with 
the inhibitor formulation [217]. 

Points of injection should be chosen to provide maximum benefit in the 
pipeline system. Injection on the suction side of pumps takes advantage of pump 
turbulence to promote mixing of the inhibitor with product. Injection through 
a tube into the center of the pipeline also aids mixing. 

Premixing or dilution of the inhibitor can improve handling and promote a 
more rapid phase-contact. Viscous inhibitors can be diluted with compatible 
hydrocarbon carriers to decrease viscosity, making pumping easier and metering 
more accurate, especially at low-dosage rates. Premixing water-phase inhibitors 
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Figure 6-264. Sour corrosion wheel test 121 41. 

with water prior to injection greatly facilitates phase contact of inhibitor with 
entrained water. 

A typical dosage of oil-soluble inhibitor in refined products is in the range 
of 3 to 6 ppm. This amounts to 1 to 2 lb per 1,000 bbl. 

When using an inhibitor, it should be remembered that all the natural 
protection, such as iron oxide, is removed and a protective film is put on the 
pipe’s surface. If thii film is removed by uninhibited products, the pipe’s surface 
is very susceptible to the water and oxygen in the product, and corrosion begins 
immediately. It is important that the film remain intact so this condition cannot 
exist. Tests have shown that uninhibited products can be pumped up to 30% of 
the time without serious corrosion problems if the products pumped before and 
after the uninhibited product contain an adequaw amount of inhibitor [213,218]. 

Use of Protective Coatings. Internal pipe coatings, no matter how applied, 
definitely provide a benefit by reducing power costs, increasing flow and 
eliminating corrosion [219]. Rehabilitating a pipeline with in-place internal 
coating versus replacement returns the line to active service. During research 
of flow improvement due to pipe cleaning, additional studies were made to 
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determine the improvements in pipeline flow and corrosion protection with the 
use of coatings [220]. The conclusion was that both flow improvement and 
corrosion protection were evident. 

There is no present limit to the pipeline services that can benefit from 
coatings [221]. Typical services include crude oil, natural gas and petroleum- 
product pipelines. It is essential that a pipe coating perform the service of 
corrosion prevention for which it is designed to attain the safety and economic 
standards of the pipeline. McConkey has listed the following properties required 
of a pipeline coating [222]: 

ease of application 
good adhesion to pipe 
good resistance to impact 
flexibility 
resistance to soil stress 
resistance to flow 
water resistance 
electrical resistance 
chemical and physical stability 
resistance to soil bacteria 
resistance to cathodic disbandment 

These properties all relate either to the economic viability of the coating or 
to the ability of the coating to protect the pipeline from damage and possible 
failure due to corrosion. 

The coatings that best meet the needs of the pipeline industry are the 
polyamide epoxies and amine-adduct-type coatings [223]. A comparison of the 
two types is presented in Table 6-77. 

Control Criteria. The ultimate criterion for control is securing the maximum 
volume per horsepower unit. This is accomplished by obtaining the smoothest 
possible internal pipe section; that is, the least possible friction. The friction 
factor is expressed as the modified Hazen-Williams C factor: 

162. 04QS0." 
= p0.54~2.63 

where Q = barrels per hour 
P = pressure drop per mile in psi 
S = specific gravity at operational temperature 
D = internal diameter of pipe in inches 

which can be rewritten as 

This concept can also be expressed as efficiency. This is 

(6-355) 

(6-356) 

B 
4.06(d5 I/~)~~*(logd~sI/z* + 4.35) 

e =  (6-357) 
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Table 6-77 
Coating Comparison [223] 

Coating 

Proper@ Amine Polyamide 

Hardness 

Tolerance to 
inadequately prepared 
surface 

Brittleness 

Sag resistance 
(5-7 mil wet) 

Adhesion 

Application 
characteristics 

Flexibility 

Abrasion 
resistance 

Water resistance 

5H to 6H pencil hardness, 
Faster initial cure. 

4H to 5H pencil hardness, 
Slower initial cure. 

Good Very good 

Very brittle in a 
few months 

Same resiliency remains 
after a few months 

Good 

Good 

Very good 

- 

Equal 

- 

Good 

Good 

Excellent 

Best 

Equal 

Best 

where e = line efficiency factor 
B = barrels per day 
d = internal diameter of pipe in in. 
I = pressure drop per mile in psi 
s = specific gravity of product at operating temperature 
z = absolute viscosity in centipoises at operating temperature 

The generalized values shown in Table 6-78 can be used for absolute viscosity 
without introducing too much error. A pipeline constructed of new pipe and 
that has been efficiently inhibited or dehydrated will have C factors of 155 to 
160 or efficiency factors of 95 to 99% [224]. 

Natural Gas Pipellnes 

Oxygen, carbon dioxide and hydrogen sulfide are the main corrosives in 
natural gas pipelines, and they are aggressive only when they are absorbed into 
water or condensed moisture in the lines. Most pipeline gas has been sweetened 
and dehydrated as well as treated otherwise before it is pumped into transmis- 
sion lines. Consequently, most of the corrosion problems in gas systems occur 
in the various gathering lines and in the piping and equipment used for 
removing liquid hydrocarbons and sulfur. 
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While inhibitors may be slugged, injected or sprayed into a gas stream, they 
function only to the extent that they are adsorbed onto or react with the steel 
to set up a barrier between it and the aggressive agents [224]. 

Natural gas pipelines can be classified as either wet or dehydrated. Most of 
the internal corrosion problems discussed thus far are characteristic of wet- 
gas pipelines. 

Dehydrated systems are usually characterized by a water vapor content in the 
gas less than saturation and the sporadic movement of fluids through the system. 
The corrosive contaminants, particularly carbon dioxide, may still be present in 
the gas, but if there is no liquid water into which they can absorb, they are not 
corrosive [225]. 

Types of Cortoslon. Natural gas pipeline corrosion is an electrochemical 
reaction. To have corrosion, there must be an electrolyte, as well as a cathode 
and an anode, present; also there must be direct current flow between them. 
Corrosion can be inhibited by blocking the action of any of these components. 

The three most common types of internal corrosion are “sweet” corrosion, 
caused by CO, or organic acids, plus water; “sour” corrosion due to the presence 
of H,S and water; and oxygen corrosion, caused by the interaction of 0, 
and water. 

The “sweet” variety causes general loss of metal and shallow areas of localized 
attack. “Sour“ corrosion results in pitting and cracking of internal pipeline 
surfaces, and forms insoluble iron sulfide. It can occur quickly and may often 
result in metal loss of considerable magnitude during a relatively short time. 

Oxygen corrosion causes loss of metal and creates an iron oxide film. It results 
in extreme pitting. 

With reservoir gas quality diminishing due to increasing production of sour 
gas fields, it is probable that most gathering and transmission lines are subject 
to any or all of these corrosion types-some severely, others to a more subtle 
degree. However, either way, all are materially and economically destructive 
[224,226,227]. 

lnhlbitlon of Natural Gas Pipelines. The inhibition of corrosion in gas 
pipelines is a very complex subject, due to many varied conditions in gas 
pipelines; however, recent research has shown that under many pipeline con- 
ditions, inhibition may be simpler and more effective than previously believed 
possible. The major problem in treating these lines is the distribution of 
inhibitor to the corrodible areas. How do we get an effective, nonvolatile 
inhibitor to the top and sides of a pipeline? How do we get a nonvolatile 
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inhibitor to carry through the entire length of a pipeline? Under proper 
conditions, these are all possible using the simplest of application methods. 
Accordmg to EnDean all we need to know are 12281: 

1. diameter of the line 
2. length of the line 
3. volume of gas in MMcfd 
4. pressure 
5. pressure drop 
6. temperature 
7. volume of liquid water through the pipe 
8. volume of liquid hydrocarbons 

From these data, we can predict if there is annular flow in the pipeline. If 
there is annular flow, then all that is necessary is to add the inhibitor as a 
solution. Transport and distribution of the inhibitor along the pipeline is 
assumed. The eight variables listed define the flow conditions in a pipeline and 
thus determine the method and type of inhibitor treatment that is required [229]. 
Other useful information is [280]: 

1. gas analysis to help predict the severity of corrosion, particularly the 

2. water content of the gas at entry and exit from the pipeline 
3. oxygen content 
4. presence of any solids 

Selection and Appllcation 

System ana/ysis. There is no panacea for inhibiting corrosion; therefore, we 
need to evaluate what it is we want to do, and where it is we need to protect. 
It is a safe assumption that anywhere water is present, there is a potentially 
corrosive environment. It is also safe to assume that anywhere free water is 
removed, a water-soluble inhibitor will also be removed (i.e. drips, separators, 
slug catches). Downstream water condensation presents a whole new problem. 
A complete understanding of the system to be treated allows one to determine 
where and how many injection points are required. 

Corrosivity encountered or expected. Simply stated, do we have a corrosive 
situation, and if so, how severe i s  it? In the case of existing systems, what sort 
of monitoring background do we have in the worst case, and what is the leak 
frequency? It is interesting to note that even if it takes 5 years to experience 
the first leak, it almost never takes as long a time to have another. 

In designing new systems, it is important to include a treatment program for 
immediate use or use when the system becomes corrosive. 

Water behavior and quality By behavior we mean: Is water an ever-present phase 
of the system, or is it present only as a result of system upset or downstream 
condensation? In either case, pigging can be most effective because of water 
accumulation in low spots. 

In the case of continuously flowing water, a continuous injection program is 
desirable and quite effective. This approach is desirable and quite effective. This 
approach affords continuous feed to the water, and, thus, continuous filming 
of the inhibitor from the water traversing the system. 

percent CO, and H,S 
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The selection of an inhibitor for continuous injection is crucial in that certain 
determinations are required before selecting the proper inhibitor. 

The chemistry of inhibitors is such that they can exhibit different solubility 
characteristics in different waters. For best results an inhibitor needs to be 
dispersible in water, thereby filming from the water phase and not readily 
removed by water flowing past it. Some inhibitors, although dispersible in one 
water, can be affected by certain cations in another, to render them insoluble 
or to form insoluble additional products or solids (salts). 

Chemical Selection and use rate. Factors in chemical selection are summarized as: 

1. solubility 
2. compatibility with process equipment 
3. effectiveness in similar systems 
4. stability 
5. selection based on application 

One of the most difficult aspects of treating pipelines is determining the most 
economical amount of inhibitor to use. Knowing the liquid volumes in a line, 
especially the water, makes it easier for one to select the proper chemical. 

Determination of cost versus effectiveness. To determine whether the con- 
centration, based on gas volume, is more than adequate, or inadequate, there 
are tests to determine chemical concentrations in water; these are called residuals. 
This information, combined with comprehensive monitoring, allows for maxi- 
mum protection at minimum cost. It should be realized that residuals can 
fluctuate widely in systems where water volumes are subject to great fluctuations. 
These residuals are still very useful .when monitored over a period of time and 
a statistical average determined. 

Proof of the treatment. Once an inhibitor program has been selected and the 
appropriate application initiated, a very crucial step still remains before a 
complete program can be initiated. This is a method of monitoring the efficiency 
of the proposed treatment. Although the complete effect-revealing, monitoring 
program has not been developed, there are many tools available to strive for 
perfection. These range from wet analysis of fluids to on-line continuous 
recording devices for corrosion rate termination [23 11. 

Types of Inhibitors. Most inhibitors are classified as: 

i. oil soluble 
2. oil soiuble/water dispersible 
3. water soluble 
4. oil/water dispersible (but insoluble) 

The most common gas pipeline inhibitors are as follows: 

Petrolite Corporation 

KG-2. Water-soluble, oil-insoluble. Organic filming inhibitor designed to flow 
in dehydrated gas pipelines and systems. KG2 is best applied continuously and 
is recommended for any gas system where the following conditions are present: 
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1. dehydrated gas lines 
2. injection into hot gas (above water dew point), which will cool to dew 

point in the pipeline 
3. immediately downstream from compressors 

KG-6 is oil soluble, water-dispersible and is a combination of a volatile amine 
and organic filming inhibitor. It is best applied continuously in wet, sweet 
(CO,) and sour (H4J gas systems to utilize its volatile portion. 

KG-7. Water dispersible, oil-insoluble. K G 7  is an organic filming inhibitor 
designed to flow in dehydrated gas pipelines and systems. Applications are 
same as KG-2. 

KG8. Water dispersible, oil-insoluble. KG8 is an organic, filming inhibitor, best 
applied in a continuous injection for both sweet and sour "wet" systems. 

KG-9. Highly water soluble; oil-insoluble. KG9 is an organic filming inhibitor. 
Designed primarily for application in high salinity brine waters; applied 
continuously in both wet, sweet and sour systems. 

KG-10. Oil-soluble; water-dispersible. KG-10 is an organic filming inhibitor. 
Excellent for batch treating or continuous treating. Very effective in emulsion 
prevention. KG-10 can be applied: 

1. continuously 
2. by batch treatment 
3. in combination with pigs 

KG-11. Oil soluble; water dispersible. K G l l  is a heavy organic filming inhibitor 
recommended for batch treating, preferably between two pits or in front of 
one pit. Application should allow for a 2 to 3-ml-thick film of KGll/diluent 
solution throughout the entire surface of the pipeline. 

KG15. Oil-soluble; water dispersible. KG-15 is a concentrated combination of 
volatile amine and filming inhibitor (a three-phase type inhibitor) applied on 
a continuous basis, to utilize the volatile portion and maintain the protective 
inhibitor film. 

KG18. Oil-soluble, waterdispersible. KG18 is a combination of an organic film- 
former and a quaternary ammonium compound. This product can be used 
for continuous treatment and for batch treatment, before or between pigs or 
line balls. 

KG-19. Oil-soluble, water-dispersible, hydrocarbon-based volatile amine. The 
volatility of KG19 is such that in most systems it will vaporize and be carried 
along with whatever acid gases are present in the vapor phase. When water 
is encountered and the acid gas dissolves in it to form a corrosive acid liquid, 
the amine is present to dissolve in the water, neutralize the acid, and reduce 
the corrosivity of the water. The amount of KG-19 required is largely depen- 
dent on the amount of acid gas and water present, but generally + to 2 pints 
of KG-19 per MMcf gas are adequate. 

KG-20. Oil-soluble; water-dispersible. KG-20 is a combination of volatile amine 
and organic filming inhibitor (a three-phase type inhibitor with a nonvolatile 
solvent system). This product is best applied continuously where a three-phase 
inhibitor is desired, but where periodically the line contacts no fluids. K G  
20 has particular application in natural gas storage wells in a continuous 
treatment during the gas injection cycle [225]. 

Products by Nalco 

Gas-cor 969 is a cationic filming amine effective in controlling corrosion in gas 
pipelines. 
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Gas-cor 970 is effective in reducing corrosion attack by H,S, CO,, organic acids 

Gas-cor 4,944 is a cationic filming amine formulated to inhibit corrosion caused 
and limited amount of 0,. 

by hydrogen sulfide, CO,, organic acids [226]. 

Similar materials are available from other service companies involved in the 
petroleum industry and who advertise in the trade literature (e.g., Baker-Hughes, 
Champion and Halleburton). 

Storage Tanks 

Crude petroleum ordinarily is considered much less corrosive than refined 
products of petroleum. This difference is mainly the result of the tendency of 
oil to plate out on metal surfaces, on the protective properties of the scale and 
deposits formed on surfaces contacted by crude oil and to the inhibitive 
properties of some of the constituents found in the oil. However, sour crudes 
such as those from the Middle East and some from the Permian Basin may be 
very corrosive. 

There are, however, environments in which crude oil becomes corrosive, and 
inhibition is necessary. There are also related environments, such as tankships, 
in which the corrosion damage occurs as a result of the necessity to clean cargo 
space and from the alternate ladings, such as when seawater is used as ballast. 
Most of the corrosion suffered by tankships, however, occurs in tanks carrying 
"clean," that is, refined petroleum products. 

Vapor Space Corrosion In Tanks. There is conflicting information on the 
effectiveness of using ammonia to control corrosion in the vapor space of tanks 
holding crude petroleum. Gardner, Clothier and Coryell reported as the result 
of using ammonia reductions up to 99% in corrosion rates of oil-storage tanks 
handling crude containing hydrogen sulfide [232]. Ammonium carbonate and 
anhydrous ammonia both produced good results in tankage when metered into 
the vapor space at a rate of about 12 ppd for a 55,000-bbl cone roof tank. Table 
6-79 shows the record on a 55,000-bbl tank protected with anhydrous ammonia. 

Table 6-79 
Results of Anhydrous Ammonia Treatment of 

a 55,000-Barrel Sour Crude Storage Tank [232] 
Injection 

Rate, Corrosion Percent [ 11 
Reduction 

Exposure 
Date Days LbDay Mdd 

October-December 57 15 43 85 
December-February 62 15 c21 
February-March 30 13 30 90 
MXch-April 28 15 3 99 
April-May 31 15 11 96 
May-June 32 15 7 96 

[l] Referred to yearly average corrosion rate of 289 mdd determined in this area prior to the 

[2] Xot determined. Weights lost. 
start of routine inhibitor treatment. 
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Field Results. Rogers discussed tests made by his company involving injection 
of anhydrous ammonia into the vapor spaces of 13 tanks with capacities from 
55,000 to 80,000 bbl [233]. Protection in the vapor space from attack by 
hydrogen sulfide was only temporary. When coupons and new steel were exposed 
to vapors containing hydrogen sulfide and ammonia, protection lasted 4 to 8 
months. After this period, the corrosion rate increased to about the same as 
that for unprotected steel. 

The pH of water collected on the decks of tanks was in the 10 to 11.5 range 
at all times during the tests. But because iron sulfide surfaces are cathodic to 
steel and difficult to polarize, the result is high corrosion rates in hydrogen 
sulfide environments. Changes in fluid pH from 4.5 to 9.5 such as result from 
ammonia treatment do not greatly change the polarization characteristics of an 
iron sulfide cathode. These data support the conclusion that treatments with 
ammonia of a tank having already developed iron sulfide surfaces would not 
reduce the corrosion rate appreciably [233]. 

Inhibition of Crude Oil Tanks. Problems in tankers used in marine service are 
in many ways quite similar to those in storage tanks as previously described. 
An exception is that tankers in marine service usually are loaded intermittently 
with hydrocarbons (crude oils or refined products) on one leg of their trip and 
with corrosive seawater ballast on the other. An additional important concept 
is that responsibility for alleviation of corrosion in a given company is often 
split between two or more different company divisions which may not com- 
municate about problems and solutions that are really quite similar. 

According to Quimby, marked benefits were obtained when a polar-type oil- 
soluble inhibitor was metered at a rate of 24 lb per 1,000 bbI into crude oil 
being loaded into a tank [234]. The 3-year old ships has suffered significant 
pitting corrosion damage on bottom plates, cargo piping and heating coils. 

Annual inspection for 6 years after the inhibition program started showed 
marked improvement and much better conditions compared to ships without the 
inhibitor program. Pitting rate was reduced. Most pits ranged from 0.3 to 0.6 in. 
deep in upward-facing horizontal surfaces. There was little or no bulk. 

Relatively little rust was removed from the tanks, the residue being mainly 
waxy material that tended to settle from the crude oil. While pitting was 
reduced, it was not brought to an acceptably low value because the pits tended 
to be filled with water and were not affected by the inhibitor in the oil. 

Inhibition of Product Tanks. Tankships carrying refined petroleum products 
can enjoy marked benefits from effective inhibition practices in their cargo tanks. 
As is the case with other hydrocarbon environments, major corrosion damage 
occurs in the vapor phase or as the result of a water phase developed from water 
absorbed in and/or aspirated into the hydrocarbons from the environment. 

The high initial cost and usual long service life of tankships, added to the 
expense involved in tying up a ship to make repairs of corrosion damage, make 
inhibitors attractive. Because sides of cargo tanks of tankships also make up the 
hull and decks, the consequences of catastrophic corrosion attack are too serious 
to be ignored. 

011-Soluble Inhibitors. As reported by Quimby, a 5-year test of several ships 
engaged in coastwide, cleancargo service revealed that appmximately 24 lb/l,OOO 
barrels of an oil-soluble inhibitor was effective in reducing corrosion of tank 
surfaces to reasonable limits [234]. Micrometer-thickness measurements, as 
shown in Table 6-80, showed an indicated rate of 6.6 mil a year over the 5 years. 
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Table 6-80 
5-Year Corrosion Rates on Inhibited Tanks [2341 

Average 
Member Rate, mpy 

Transverse Wet Frames 4.5 
Vertical Keels 1.8 
Bulkhead Smeners 8.3 
Stringers 7.6 
Bulkheads 9.3 
Shell Stringers 9.2 

Shell Longitudinals 5.4 

Average of members below 
cargo level 6.6 

This was a considerable reduction from the estimated 14 to 16 mpy that would 
have been suffered if the inhibitor had not been used. Published industry figures 
of 23 to 25.6 mpy indicate that the savings may have been even greater. 

Weights of rust removed from tanks in these ships were SignXicantly less than 
those from similar ships operated without inhibition. The annual average rust 
weight from the four ships tested was 52,000 lb, while uninhibited ships in the 
same trade between 5th and 10th years of service would have 150,000 to 200,000 
lb of rust a year removed from tanks. 

Vapor Space Conoslon. There is about 18 in. of space between the top of 
ladings and the bottoms of decks. Condensation in these spaces can result in 
corrosion at rates up to 40 mpy- When an inhibitor was brushed or sprayed on 
the exposed areas, corrosion was substantially reduced in 5-year tests. 

f lo ta th  and fogging Techniques Because of large volumes of fluids handled, 
every effort must be made to find techniques of inhibitor application that 
economize on the quantities necessary. Oosterhout, Stanley and Quimby discuss 
the flotation and fogging techniques for applying inhibitors in tankships [235]. 

Flotation technique. Flotation inhibitors are applied in an oil solution that is 
floated on top of water in a relatively thin layer. The exposed steel makes contact 
with the inhibitor both when the tank is being filled with water and when the 
water is pumped out. The effect of flotation inhibitors can be demonstrated by 
the following procedure, as reported by Oasterhout, Stanley and Quimby [235]: 

1. A layer of inhibitor is deposited on water in a jar. 
2. Coupons are suspended in the jar. 
3. The amount of water in the jar is increased until the tops of the coupons 

4. The coupons are withdrawn and then suspended in saltwater for varying 

When about 2 gal of inhibitor per 1,000 bbl capacity were poured onto the 
rising surface of water in a tank being filled to the top with ballast water, a 

are covered. 

periods to determine the effectiveness of the adsorbed layer. 
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layer of inhibitor w a s  deposited on the sides of the tank and on all areas of 
the vapor space [234,235]. Table 6-81 shows corrosion data. 

Fogghg technique. Empty tanks (nonballast) were protected by ufogging” the 
inhibitors into them. A finely atomized spray or fog of the inhibitor concentrate 
in air or steam covered all of the underside area [235]. The injection rate was 
2 gal per 1,000 barrels of tank capacity in about 10 min. Injection was done as 
soon as practical after cargo was discharged. Inspection and corrosion data 
showed protection comparable to that achieved with the flotation treatment. 
Table 6-82 shows results. 

Oil-soluble polar compounds used as inhibitors in refined products cargoes 
are applicable to flotation and fogging techniques. 

Oosterhout, Stanley and Quimby reported tests of tankship fogging inhibitors 
using a 300-barrel tank in which the coupons to be tested were suspended from 
the top in such a way that the fogging spray impinged on them [235]. 

Recommended Procedure 

Pipelines and equipment that are used for storage and transportation are 
subjected to corrosion due to water and oxygen dissolved in crude or refined 
products. The following procedure is recommended for pipelines and equip 
ment [237]. 

1. Use plain carbon steel or stainless steel for equipment. For small pipes, 

2. Remove oxygen and air (deaerate and dehydrate) from products. 
use stainless steel if possible. 

Table 6-81 
2-Year Corrosion Rates on Coupons Exposed 

to Flotation Inhibitors [234] 
Corrosion 

TankCorrosion I ?f 7 
Ballast-Average 
Ballast + Flotation-Average 

Table 6-82 
2-Year Corrosion Rates on Coupons 
Exposed to Fogging Inhibitors 12341 

Corrosion 

Empty-Average 
Empty + Fogging-Average 
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3. Use organic and inorganic inhibitors. Water-soluble inhibitors solve internal 
pipeline corrosion, but they should be injected continuously. Oil solubles 
are common for systems handling both oil and water. 

4. For better results, make sure that the inhibitor and product are mixed; it 
may be necessary to premix. 

5. Use coating for pipelines to protect them from corrosion. Coating also has 
the advantage of improving flow through the pipeline. 

For pipelines transferring natural gas the procedure may be as follows: 

1. Determine the severity and type of corrosion. 
2. Evaluate the percentage of hydrogen sulfide, oxygen, solids and amount 

3. Determine the type of flow in the pipe, because the application of an 

4. Select the inhibitor. 
5. Consider a method of application of the inhibitor. Inhibitors may be 

slugged, injected or sprayed into a gas stream, depending on the flow type. 
In case of a continuous water flow, a continuous injection program is more 
effective. 

6. Monitor the program and inspect the equipment for effective corrosion 
control. 

of water in the natural gas. 

inhibitor depends on the type of flow. 

ENVIRONMENTAL CONSIDERATIONS 

Introduction 

The average well requires minor human support on a daily basis. The pumper 
or switcher may visit the site for a few minutes, confirm normal operations, 
and move on to the next location. Occasionally, the well may be worked over 
for repair or stimulation and the activity around the wellsite increased for a 
short period of time. Because of the lessened activity involved in production 
operations, the environmental impacts associated with it are also decreased. 

Hydrocarbon Contamination 

Spills and leaks are the most common accidents encountered at the production 
site. The spill of condensate, oil or produced water onto the lease and the 
surrounding areas exhibits the greatest liability to the producer. Chemicals 
associated with operations may also leak and create an undesirable situation. 
Sometimes, leaks and spills are unpreventable due to equipment failure or 
unpredictable production. Because of this, the operator may choose to alleviate 
the consequences of these possible situations based on probability (see Equation 
4.373) and liability. 

Containment of a spill is one preventative measure. The berm design around 
a tank battery is based on the produced flowrate multiplied by frequency of 
inspection. This is 

S, = 5.61QFJSF) (6-358) 

(6-359) 
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where S, = spill volume in ft3 
SF = safety Eactor (2.0-3.0) 
Q = liquid flowrate to tank in bpd 
Fi = frequency of inspection in days 
B, = height of berm in ft 
B, = length of berm in ft 
B, = width of berm in ft 
n = number of tanks in battery 
D, = tank diameter of n tanks in ft 

Soil contaminated by a spill or leak may be treated as an exempt waste 
provided the leaking substance is listed as an exempt waste [23& refer also to 
the section titled “Drilling-Environmental Section”]. The hydrocarbon/soil 
mixture may be left in place provided that all petroleum products stay on 
location. Operators have found that a mixture of crude and raw materials make 
an excellent road base, and if properly designed and create less of an environ- 
mental hazard than the traditional asphalt road base (see Table 6-83). A typical 
mixture of 13.0% heavy oil, 7.5% liquid (%O) and 79.5% solids make a road 
surface that can endure heavy road traffic [239]. This mad application has tested 
in northern climates where reduced volatilization of the hydrocarbons is realized. 
In warmer climates the appearance of a sheen during runoff conditions may 
be apparent, thus increasing the likelihood of hydrocarbon contamination to the 
immediate area. To decrease the likelihood of hydrocarbons migrating fmm the 
wellsite during periods of heavy rain, the perimeter of the location should have 
a berm allowing for drainage away from the location. Water collecting on 
location should be diverted to an onsite catchment. It has been recognized that 
hydrocabon contents above 20% in soil mixtures have a lasting detrimental effect 
on plant life with 1% showing no adverse effects [240]. In landfarming, applica- 
tions of 2-3% liquid hydrocarbon are common. 

As a result of a spill, a hydrocarbon may impose a hazard to groundwater, 
flora, fauna, and humans. While many wastes produced at the wellsite are 
exempt, the operator is responsible for degradation of the surroundings due 
to imprudence, neglect, and accidental release. Hydrocarbon content in the soil 

Table 6-83 
Comparative Samples of Oil Waste Road Material and Asphalt [639] 

Parameter Oil Waste (ppm) Asphalt @Pm) 
AtseniC 0.04 0.10 
Boron 0.1 0.38 
cadmium 0.001 0.01 
c%lmIiium 0.6 0.16 
Lead 0.057 0.63 
zinc 0.14 0.99 

Selenium 0.0017 0.0002 
Barium 0.55 2.80 
copper 0.06 0.36 
Phenol 0.035 0.24 

Mercury 0.0001 0.0001 
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in excess of the saturation limit may be transmitted to the surrounding environ- 
ment through runoff and gravity. These hydrocarbons are loosely categorized 
as dense or light nonaqueous phase liquids (LNAPL and DNAPL, respectively) 
with DNAPLs being heavier than water. In the field, both of these species are 
present. The LNAPL is more mobile. This mobility translates to greater relative 
conductivity in the soils and lesser adsorption onto the soil. However, the 
LNAPL possesses a lower vapor pressure allowing the liquid to more rapidly 
dissipate into the gaseous phase leaving only traces of its product. Table 6-84 
shows how the hydrocarbon’s partition among the phases with Figure 6-265 
showing the divisions graphically. An approximation for the volume of liquid 
hydrocarbon that may be retained by a volume of soil, the depth of infiltration 
plus the lateral spread of the oil onto the top of the water table is given in the 
following equations [241]: 

O.2Vh, v, = ~ 

QSWT 
(6-360) 

where V, = soil require to obtain residual saturation in yd3 
V,,, = volume of spilled hydrocarbon in bbl 

Sw = residual oil saturation capacity of the soil (see Table 6-85) 
Q = soil porosity 

Table 6-84 
Phase Dlstrlbutlon of Certaln Petroleum Products 

In Percentages in Air, Soil and Water [283] 
Compound Adsorbed to Soil VolitilizPtion Soluble in 

groundwater 
Aromatics 
Benzene 
Toluene 
Ethyl- 

Aliphatics 
n-Pentane 
iso-Pt!ntane 
n-Hexane 
n-Heptane 
Cyclohexane 
PAHS 
Napthalene 
Benzoopyrene 
Anthracene 
Phenanthrene 
Alcohols 
Methanol 
Ethanol 
Phenol 

Xylenes 

5 
5 
20 
15 

< 1  
<1 
< 1  
e1 
1 

60 
100 
100 
90 

0 
0 
9 

60 
75 
60 
55 
95 
95 
95 
95 
95 
90 

10 
0 
0 
3 

2 
2 
> 1  

35 
20 
20 
30 

30 
0 
0 
7 

98 
98 
90 
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Crude Oil Spill Direction of air currents n b 

ominately 
~ ~ ~ v ~ ~ ~ ~ , ~ ~ t i ~ ~  Predominately DNAPL 
1 adsorption to soil surface 

Predominately LNAPL adsorption 
to soil surface and migration 
in path of least resistance 

LNAPL floating on top 
of water table 

DNAPL collecting on 
bottom of water table 

Figure 6-265. Partitioning of hydrocarbons during a spill. 

Table 6-85 
Kerosene Retention Capacities in Unsaturated Soils [281] 

Soil Type Kerosene Retention Capacity 
~ / m ~  SdYd3 

Stone, course sand 5 1 
Gravel, course sand 8 2 
Course sand, medium sand 15 3 
Medium sand, fine sand 25 5 
Fine sand, silt 40 8 

and knowing the area of infiltration of the soil, the depth of the spill may be 
determined by 

27V 
A 

D = L  

where D = depth in ft 
A = observed area of infiltration in ft4 

(6-361) 

In the event the spill has been determined to reach the water table, the lateral 
spreading onto the top of the water table may be estimated as [242] 
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(6-362) 

where S = maximum spread of pancake shaped layer in m* 
V = volume of infiltrating hydrocarbons in ms 
A = area of infiltration 
d = depth to water table in m 
K = constant in see Table 6-86 

Oil, being immiscible in water, will either float on top of the water table in 
the case of the LNAPL or sink to the bottom. The amount of hydrocarbon that 
is dissolved in the water depends primarily on the solubility and mass of the 
component. Only a few hydrocarbons are readily soluble in water such as 
benzene, toluene and xylene. Table 6-87 shows the solubilities for several 
hydrocarbons. 

When a land spill occurs, the liquid petroleum will simultaneously spread over 
the top of the site and seep into the soil. In the event the water table is shallow, 
the liquid will rest on top of or below the water table and will migrate at a 
rate proportional to the groundwater flow. 

The evaporation rate of the spilled hydrocarbon may be inferred from Fick's law: 

dC N, = DAA- 
dx (6-363) 

where N, = rate of mass transport in mol/s 
D, = mass diffusivity of hydrocarbon in air in ft*/s 
A = transport area in ft2 
C = concentration in M 
X = length of path traveled in ft 

In a stagnant system, the length of the diffusing path is often unknown for a 
given field spill. In the event advection also is taking place in the presence of 
wind currents, the boundary layer may be inferred to be this length. For a finite 
flat plate in laminar flow, the thickness of the boundary layer is [243] 

6 = 5(x)(N,)y (6-364) 

Table 6-86 
K-Values for Equation 6-362 

soil Type 
Gaaoline Kerosene Light Gas Oil 
400 200 100 
250 125 62 
130 66 33 

80 40 20 

50 25 18 
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Table 6-87 
Aqueous Solubllty Data for Selected Petroleum Products [282] 

Product Solubility (mgL of H20) 

1 -Pentene 150 
Benzene 1,791 
Toluene 515 
Ethylbenzene 75 
Xylenes 150 
n-Hexane 12 
C yclo-Hexane 210 
i-Octane 8 PPb 
JP-4 Jet Fuel < 1  
Kerosene < 1  
Diesel < 1  
Light-Fuel Oil ( # l k  #2) < 1  
Heavy Fuel Oil (#4, #5, and #6) < 1  
Lubricating oil  < lppb 
used oil < lppb 
Methanol >100,000 

Gasoline 50-100 

(6-365) 

where 6 = the thickness of the boundary layer in cm 
x = the length of the spill in cm 

V = free stream velocity of the wind in cm/s 
p = density of air in g/cm3 
p = viscosity of air in g s-'/cm 

N, = Reynolds number 

The concentration of the hydrocarbon is evaluated at the equilibrium concentra- 
tion of the vapor in the pores (Cp) and the concentration of the vapor at the 
air-soil interface ( C ~ ) .  In the presence of wind, C ,  may be assumed to be zero. 
The concentration of the vapor in the pores is estimated from Dalton's law: 

Pi = yipT (6366) 

and Raoult's law 

Pi = x,P; (6367) 

where Pi = partial pressure of the hydrocarbon in atm 
yi = mol fraction of the hydrocarbon in the gas phase 
5 = mol fraction of the hydrocarbon in the liquid phase 
P = total pressure (1 atm for most cases) 
PF = vapor pressure of the hydrocarbon in atm 
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Knowing the mass of hydrocarbon at the surface, the time for disappearance 
of the hydrocarbon from the surface may be determined by using Equation 
6-363. In turn, the time for the spill to evaporate from the pore space may be 
estimated by Equation 6-369 using a correlation between the diffusivity in air 
and the hydrocarbon's diffusivity in the pore space [244]. Figure 6-266 illustrates 
this analogy. 

(6-368) @ DP = D, - 
z 

where DP = mass diffusivity of the hydrocarbon in the pore space in cm2/hr 
$/z = ratio of porosity to tortuosity (typically 1.5-3.0) 

The time for the spill to evaporate from the pore space may be estimated by 

hM 
T =  2ADp(C, -C*)  (6-369) 

where T = time in hr 
M = mass of hydrocarbon in mol 
h = initial thickness of the contaminated soil in cm 
A = area perpendicular to flux in cmp 

To accurately infer the results of a spill, an onsite and laboratory study should 
be made for each representative site. The onsite investigation would take 
inventory on the effects of a worst case scenario such as the total evacuation 
of a holding tank. The inventory would include the likely migration path of a 
spill in accordance to topography, potential threats to humans, livestock, and 
plants, and the relationship of spill area to groundwater and surface water supplies. 
A laboratory analysis will include hydrocarbon quantitative analysis for constituents 
creating potential health risks, soil analysis and volatilization parameters. 

* Surface air flow-C,, = 0 

Figure 6-266. Vapor migration through soil pore space. 
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The soil analysis determines the conductivity of the soil in regards to 
the liquid hydrocarbon and the absorption/desorption potential of the soil. 
Knowledge of this conductivity will help in determining the consequences of a 
spill and may in some cases divert an unwarranted emergency cleanup operation. 
Many times, the heavier crudes will only penetrate the surface a few inches. 
The process of determining conductivity is analogous to determining relative 
permeabilities in a reservoir core sample. In the present analysis, a soil core is 
taken and left in place in the core barrel with the soil water content undisturbed. 
The site’s liquid hydrocarbon is then allowed over the sample at constant 
representative head. The time to exit the barrel will inference the flux of the 
hydrocarbon at partial saturation. This time is critical due to fingering of 
hydrocarbons. The area affected initially may be much less than the total area 
of the barrel. The test is continued until the sample is saturated. The con- 
ductivity is then estimated through Darcy’s law (Equation 6-370). The mass 
flowrate may then be estimated from this conductivity relationship. 

dH q = K- 
dL (6-370) 

where q = hydrocarbon flux in m/s 
K = conductivity in m / s  

dH = differential head on core in m 
dL = length of core in m 

After the conductivity is found, all residual oil is allowed to drain from the 
sample. The residual left in the core is the absorption capacity of the soil sample. 
The saturation level of a particular soil may also be found by plotting the data in 
the form of a sorption isotherm. After the residual oil is drained, the soil sample 
is washed at constant temperature with water until the hydrocarbon exists only in 
trace amounts in the product stream. The difference in hydrocarbon mass intro- 
duced initially and the displaced hydrocarbon is the total residual saturation for 
that soil. Depending on the wellsite conditions, this amount of oil may be safely 
left in place without harm to the surroundings and will continue to decrease in 
quantity due to in situ microbial populations and through diffusion. The desorption 
isotherm may be constructed through the Fruendlich equation. This is 

Cs = KC,” (6-371) 

or 

In Cs = In K + n In Ce (6372) 

where Cs = mass of oil/mass soil in g/g 
Ce = effluent concentration of oil/volume of water in g/cms 
K = constant in I+/g 
n = constant (unitless-often equal to one for hydrocarbons) 

In the linearized form of the equation, In K is recognized as the residual oil 
gaturation for the soil sample (see Figure 6-267). 

The constant K is a measure of the soils’ volumetric capacity of hydrocarbon 
saturation, while the constant l/n is measure of the mutual attraction between 
the constituents. Once the isotherm is defined, it may then be used to predict 
effluent concentrations of hydrocarbons that may be transported into groundwater. 
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- Ce 
Flgure 6-267. Fruendlich type isotherms. 

In general, due to the nonpolar nature of hydrocarbons, a soil comprised of 
a high percentage of organic matter will absorb more liquid hydrocarbons. Less 
soluble, heavier hydrocarbons will absorb better than lighter soluble hydro- 
carbons and are considerably less mobile than LNAPLs. 

Solutions of gases and crude oil follow Henry’s law at atmospheric pressures. 
Henry’s constant, more commonly referred to as an equilibrium constant in the 
petroleum industry, may be used to find the distribution of a hydrocarbon in 
the aqueous and the atmospheric phases by using 

(6373) 

where = Henry’s law constant (unitless) 
yi = mole fraction of the hydrocarbon in air 
xi = mole fraction of the hydrocarbon in the liquid 

Henry’s constant is most often referred to in the environmental industry in 
units of atm. In one liter of water there are 55.6 mols and 22.4 L of air per 
mol of air, such that 

partial pressure of gas in air 
mol hydrated gas/mol water 

RH = (6374) 

Table 6-88 gives some values of Henry’s constants for gases in contact with air 
at 20°C. 
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Table 6-88 
Henry’s Constant for Gases at 1 Atm, 20°C [282] 

Component Henry’s Constant (water) 

Benzene 2.4 x 10’ 
H2S 5.15 x lo2 
co2 1.51 x 102 
Toluene 3.4 x I d  (25OC) 

Methane 3.8 io4 

Other Sources of Waste and Contamination 

Glycol and other liquids used for dehydration may occasionally leak or be 
spilled on the ground. They also may become contaminated, whereby the 
product must be replaced. Due to the inherit physical properties, i.e. viscosity, 
of dehydration liquids such as triethylene glycol (TEG), significant losses are 
not realized to soil seepage or evaporation. The desiccants on the whole are 
very toxic and completely miscible in water. Unless treated, ethylene glycol is 
colorless and odorless, and may be mistaken for water upon casual analysis. The 
greatest potential danger is then contamination of surface runoff. Any spillage 
should be retrieved and properly disposed of. Waste liquid desiccants should 
be recycled when possible; otherwise they must be properly disposed of. Class 
I1 injection is the most cost-effective disposal method. Solid desiccants, such as 
alumina, molecular sieves and silica become uneconomically regenerable with 
time. There is also loss due to structural failure. When exhausted, these 
materials may be sent to a disposal site or buried on site. 

In the sweetening processes, amine treatment is the most prevalent. The 
amines, such as monoethanoamine (MEA), DEA, and sulfinol combine with CO, 
and H,S at moderate temperatures and are released when the combined solution 
temperature is slightly raised. 

The wasted H,S may then be flared and the CO, vented. H,S may be recycled 
into sulfur products while the CO, may be collected and used in recovery 
projects. These gases may also be trapped in caustic solutions (see Equations 
6-375, 6-376). In this case, the pH of the solution is lowered and a salt is formed. 
These salt solutions, as with most liquid wastes, may be disposed of in Class I1 
injection wells when recycling is not feasible. The pertinent chemical reactions 
involved here are 

(6-375) CO,(g) + NaOH + NaHCO, 

HpS + 2NAOH + 2I40 + Na$ (6-376) 

Production S i  Remediation 

In remediation, a site’s contaminated material is reduced by either relocating 
the contaminated material to disposal area or onsite treatment. Physical treat- 
ment methods may include [245] 

Gravity Separation 
Sedimentation 
Centrifugation 

Phase Change 
Evaporation 
Air Stripping 
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Flocculation Steam Stripping 
Oil/Water Separation Distillation 
Dissolved Air Flotation 
Heavy Media Separation 

Dissolution Size/Adsorptivity/Ionic Characteristics 
Soil WashinglFlushing Filtration 
Chelation Carbon Adsorption 
Super Critical Solvent Extraction 
Liquid/Liquid Extraction Reverse Osmosis 

In addition to these physical methods, chemical alterations and biotransforma- 
tion are also used in site remediation. Table 6-89 shows a relative cost com- 
parison between selected treatment techniques. 

Landfarming 

Landfanning utilizes in situ and introduced microbes such as Bacillus cereus, 
Bacillus polymixa, Arthrobacter globqormous and Akanigenes poradoxus to degrade 
contaminants. Heterotrophic bacteria use organic compounds as energy and the 
carbon source for synthesis. The heterotrophs are classic oil spill degraders. 
Autotrophic bacteria use carbon dioxide as a carbon source and oxidize inorganic 
compounds for energy. They are most useful in drilling mud degradation. 

In some instances biodegradation of contaminants may result in harmful 
intermediates, as with mercury. Mercury and other minerals, in their pure metal 
form, may remain immobile until the introduction of reducing microbes. The 
altering of conditions, pH and organic content, may change the redox state of 
the metal. Under such conditions, the metal may then be prone to migration 
and thus be leached into the groundwater. Also, anaerobic microbes may reduce 
the metal to a sulfide whereby solubility is enhanced. 

In the case of oil spills, on-site bioremediation has proven successful. In situ 
microbial strains are active in most soils. If a previous spill has been docu- 
mented, a culture from the older site may be introduced in addition to other 
cometabolites. The successive strains have shown to genetically adapt and 
become more successful in regards to rate and mass consumed. Composting of 
contaminated material has also proven effective [246]. Assuming equivalent 
environments, these successive strains of biomass may be compared quanti- 
tatively by 

Ion Exchange 

Table 6-89 
Comparlson of Treatment Processes [246] 

Type of Coat per Cubic Time required Addition safety Issues 
Treatment Yard monthr FnetolS 
Incineration 250-800 6-9 Energy air pollution 
Fixation 90-125 6-9 Trans@moni leaching 

Wring 
Landfill 150-250 6-9 monitoring leaching 
Biotreatment 40-100 18-60 time intermediary 

metabolites and 
polymerization 
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(6-377) 

where I(b = biorate constant in h r '  
Cp = concentration of petroleum in the pore space in mol/yd3 

In t h i s  method, it is assumed that the soil is homogeneously distributed with 
hydrocarbons, nutrients, and biomass and that the degradation occurs in a 
uniformly distributed manner. The biodegradation rate constant, assumed 
psuedo first-order, may then be used comparatively between sites. In the event 
that the addition of a cometabolite results in a slower rate constant, it is assumed 
that the previous biomass was more efficient. 

In landfarming, drilled solids, mud and contaminated soil are distributed over 
an area in addition to microbial nutrients (fertilizer). The mixture may be turned 
and fertilized periodically to enhance degradation. The microbial growth can 
be quantified by a number of methods. The microcosm turbidity method can 
be used to estimate the viability of the indigenous species to degrade the 
hydrocarbons present. A sample of soil or cuttings is taken and allowed to grow. 
A turbidimeter is then used to quantify growth periodically and mass is cal- 
culated as a function of time [247]. CO,, generated by the microbes, collected 
in a caustic solution and the use of a respirometer are yet other growth 
measurement methods. Both of these use the mass of gas produced or consumed 
as a measure of cell growth. Figure 6-268 shows the characteristic growth phase 
of a pure culture of bacteria. Bacterial growth is typically substrate limited. 

/ 

Time 
rigure 0-ZOI). urown pnases or uacieria. 
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In the case of oil-based muds, several mixtures of hydrocarbon-to-fertilizer 
ratios have been tested for microbial response. The microbes have been found 
to react favorably to certain conditions. A hydrocarbon:ammonia-nitmgen:phosphate 
level ratio of 100:2.0:1.0 with the addition of trace minerals, improved moisture 
retention properties, and adjustment of pH to neutral levels was found to increase 
the half-life reduction of napthenic crude from more than 2 years to approximately 
8 weeks [248]. In this same set of experiments, a hydrocarbon:ammonia- 
nitrogen:phosphate level of 100:1:0.02 had only marginal hydrocarbon bio- 
degradation rates, and increasing this ratio to 100:2.00.15 while controlling pH 
and tilling did not significantly raise the rate. Another study concluded the most 
productive carbon-to-phosphorus ratio was 120:l with a pH of 7.7 at 77-95°F. 
The soil was treated with water spray loaded with common fertilizers. The initial 
hydrocarbon contents were at 600-700 ppm and degraded to 415 ppm within 2 
months (k = 0.0033 mg L-' min-*) [249]. 

Slurry phase bioreactors may be used to decrease the oil and grease levels in 
soil or drill cuttings. Here, drill cuttings are introduced to a tank in the presence 
of nutrients, oxygen and hydrocarbon degrading microbes. The vessels are 
operated at pH levels from 5 to 9 and nitrogen to phosphorus levels of 10:20. 
Oil and grease psuedo-first-order degradation rates of 0.60 mg L-I min-' (k) 
have been recorded with pH levels below 6.5 where phosphorus is more readily 
soluble [250]. The slurry reactor parameters are typically designed as batch 
mixed at constant pressure using these design equations: 

-ra = kCa (6-378) 

(6-379) 

(6-380) 

where -ra = -(dCa/dt) = the degradation rate of species "a" (hydrocarbon) 
Ca = concentration of "a" in M 

Na = mols of 
N, = initial mols of "a" 
TR = reactor residence time in s 
V, - reactor volume in L 
Xa = fractional conversion of "an 

k = first-order-rate constant in Ms-1 
at time t 

Here all the reactants are fed into the reactor initially and remain there for a 
mean residence time (T,). Nutrients may be added occasionally until desired 
degradation is met. The volume attributed by the additional nutrients can usually 
be neglected. Equations 6-378 through 6-380 are valid for any batch-mix opera- 
tion. Usually the kinetics of system are established and then the reactor optimized 
to facilitate the operation [243]. 

Kinetics are controlled by oxygen levels, moisture content, temperature, 
nutrients, pH, and concentration [251]. Soils may have hydrocarbons up to 5% 
by weight without harmful effects and half-lives of only 2 years may be realized 
for soils containing up to 14% [252,253]. 
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Landspreading 

Landspreading is differentiated from landfarming in that the area over which 
the contaminated soil or liquid is spread is not actively manipulated to increase 
degradation rates. One study showed that by spreading oil-based cuttings over 
an area of soil at thicknesses not over 2 in. has lead to natural degradation 
rates of approximately 80% in the first year and 95% of the hydrocarbons had 
been eliminated after 3 years. Further analysis proved no significant migration 
or leaching of the hydrocarbons had taken place [254]. Another method of 
landspreading includes reliquidfying the solids and then spreading them evenly 
over an area. Here, the loading factors take into con-sideration the soil and 
contaminant characteristics. A cumulative salt burden of 6,000 lb/acre (3,000 
ppm) is considered a safe level with a hydrocarbon loading of 40,000 lb/acre 
(2%). These numbers are based on a 2,000,000-lbm/acre soil horizon [255]. The 
total salt burden of the soil is calculated fmm the total dissolved solids contained 
in the contaminant/soil mixture. Applications of freshwater gels may be added 
at 1,000 kg Cyha (KCl form) and 1,400 kg Cl/ha (NaCl form) and present no 
limitation to the soils and may actually enhance soil characteristics for plant 
growth. Chloride concentrations of 1,000-2,600 pprn have been safely used 
without loss of yield in grass growth [256]. Where sodium activity ratios (SAR) 
levels increase, the addition of gypsum is added to relieve the problem [257]. 

Hydrocarbons and salts inherent in some production water and drilliig muds 
may pose threats to the local ecosystem if not properly managed. The salt 
concentration may be estimated for a liquid fmm the electrical conductivity of 
the solution by 

TDS B(EC) (6-381) 

I = 0.016(EC) (6-382) 

Electrical conductivity (EC) is measured in mmhos/cm, TDS as mg/L and 
ionic strength (I) as molarity. The values for B are held closely in agreement 
by several sources as 640 [258] and 613 [259]. While Equations 6-381 and 6- 
382 are only used as an estimate of ionic content in the soil or solution they 
are accepted due to their general use in the soil sciences. EC values less than 
4 mmhos/cm are generally satisfactory for crop yields. The additions of drilling 
mud-showing an EC of 1.3-5.3 mmho/cm showed no adverse effects on Bermuda 
grass [260]. Generally an SAR < 12 and ESP < 15% is acceptable for land 
disposal [259]. The ESP is another measure of sodium contained in the soil. 
Israel has developed crops and technologies that allow for 10% seawater at 4,000 
ppm (6.5 mmhos/cm) TDS [261]. This is 

ESP =(loo) 
CEC (6-383) 

(6-384) 
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where NaX = the sodium in the solid phase 
CEC = the cation exchange capacity of the soil phase in meq/100 g 

[ 3 = molarity 

Table 6-90 shows the oil tolerance for selected grasses and plants [260]. API 
recommends a one-time application of (1% [259]. 

Table 6-90 
Oil Tolerance for Selected Grasses and Plants [260] 

Grass/Plant Type Oil and Grease for 1 Application 

lawngrasses < 0.5% 
ryegrass, oats, wheat, corn < 1.5% 
red clover < 3.0% 
perennial grasses, trees > 3.0% 

Airstrlpplng 

In phase transformation, most often the liquid phase is let to a gaseous phase, 
through the addition of heat, a reduction in pressure or concentration, or any 
conibination thereof. Evaporation may be used as applied through variations 
of Equation 4390. The two film theory states the basis for most air stripping 
operations, and is mathematically defined by 

- -K,a(c, - c,) (6-385) dC 
dt 
-- 

where C = concentration of the hydrocarbon in M 
KLa = overall rate constant in hr-1 

c, = concentration of the hydrocarbon in the gas phase at time (t) in M 
ct = concentration of the hydrocarbon in the liquid bulk at time (t) in M 

Here, a gas (air) is passed through the contaminated liquid phase and the 
resulting equilibrium concentration difference between the phases drives the 
vaporization of the liquid. The airstripping design may be a simple bubbling of 
air through an open tank (see Equation 6-385) or the more efficient and costly 
packed tower that uses these design equations [262]: 

DF, In- 
L(C, -Ce) DF, (HTU)( NTU) = 

K,a DF,-DF, 

-(R ci - 1) + 1 
m=- R Inc, 

R - 1  R 

(6386) 

(6-387) 

(6-388) 
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(6-389) 

where HTU = height of transfer unit in m 
NTU = number of transfer units 

L = liquid velocity through empty diameter of transfer unit in m / s  
G = gas velocity through empty diameter of transfer unit in m/s 
Ci = inlet concentration of contaminant in gas in M 
Ce = exit concentration of contaminant in gas in M 

Dfi = driving force at the inlet in M 
Df, = driving force at the outlet in M 
R = stripping factor 

g;H = unitless Henry's constant for contaminant 
%a =: (s-l) 

In the stripping tower design, determination of %a is most important. This 
value is particular to the type of packing used in the tower, the type of 
contaminant and a number of other parameters. The Sherwood-Holloway 
equation may be used to determine %a for a given packing, liquid and gas. 
This is 

1-0 
RLa= D,rn(:) - u:5 

r L D L  
(6-390) 

where %a = h r '  
D, = diffusion coefficient for gas of interest in water in ft2/h 
L = liquid velocity in lb water/hr-ft* 

rL - liquid density in lb/ft3 
= liquid viscosity in lb/hr-ft 

Tables 691 and 6-92 give values for the diffusion coefficient and the constants 
m and n, respectively. 

Table 6-91 
Dmuslon Coefficients for Some Petroleum-Related Contamlnants [202] 

Contaminant 
MethIle 18.1 
Trichlo~&ylene 8.37 
chlolwn- 13.1 
Benzene 8.91 
Carbon Dioxide 19.6 (25'C) 
oxygen 16.1 (25°C) 
Hydrogen Sulfide 20.3 

  if far ion eo-t x IO" m2/s at ZO'C 

Produced Water 

Produced water varies widely in composition with dissolved ions being the 
major component in these waters. The total dissolved solid (TDS) content may 
be close to saturation at more than 300,000 mg/L TDS or be considered fresh 
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Table 6-92 
Sherwood-Hoiloway Constants for Packing Materials as Based 

on the Desorptlon of Hydrogen, Oxygen and Carbon Dioxide [262] 

Packing Size (mm) 
-gringS 50 
Raschig rings 38 
Raschigrings 25 
Berl saddles 38 
Berl saddles 25 

m n 
80 0.22 
90 0.22 
100 0.22 
160 0.28 
1 70 0.28 

at less than 500 mg/L TDS. The composition of the water depends on a number 
of factors. Some waters are the remains of the ancient seas held in formations 
thousands of feet below the surface. Some water may have been fresh originally, 
but through geologic time has become saturated with the minerals contained 
in the surrounding rock. Still other water has changed in composition through 
migration through pore space and fractures, solubilizing minerals in the pathway. 
In a study characterizing production of produced waters from natural gas wells 
it was found that that less than 60% had any concentration of the heavier volatile 
constituents, but instead the bulk was composed of lighter hydrocarbons [263]. 
Table 6-93 shows average water analyses for 19 natural gas wells. The com- 
ponents shown were found in 80% of the surveyed wells. 

Knowing the composition of the reservoir rock and assuming freshwater was 
in place at time of deposition, a water’s TDS may be forecast with some accuracy 
from equilibrium equations. Produced water of course also carries a certain 
amount of hydrocarbons. These concentrations may also be calculated from 
equilibrium equations. For a water being in contact with the gas phase, Henry’s 
law then is used to predict the concentration of certain hydrocarbons. These 
gas-phase constituents, however, maintain equilibrium with the atmosphere when 
exposed. Thus the organics may be stripped from the water by means of a 
packed tower, diffused aeration or other means. 

Solubility 

Because of the dissolved mineral content in the water and residual hydro- 
carbons, produced water must be treated for use or disposed of. Safe disposal 
of this water is secured through injection into a secure geologic formation, 
evaporation in lined pits, or other approved means [264,265]. The use of lined 
pits as the sole means for disposal has been eliminated in all but a few cases 
where the evaporation rates are competitive with the wells’ production. Unlined 
pits are not considered a sound environmental approach in today’s political 
climate. In the past, the percolation in such pits has allowed for a cost-effective 
means of disposal. In some cases, however, this practice has led to local 
groundwater contamination [266]. 

Guidelines have been made for the production water pit construction, includ- 
ing the following 19651: 

A minimum freeboard of 2 ft must be maintained in the pits. 
Life expectancy and pertinent characteristics of the liner material 
Monthly evaporation/precipitation rates 
Method and schedule for removal of residual solids and saturated brine. 
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Table 6-93 
Produced Water from Natural Gas Sites [263] 

Compound Average Value 
TDS ~ 

TSS 

Chloride 
COD 
AmmoniaasN 
Oil and Greas (62.5%) 
PH 
TOC 
Barium 
Calcimn 
Iron 
Magnesium 
Manganese 
sodium 
Lithium 
Potassium 
Silicon 
strontium 
Sulfur 
Phenols (62.5%) 
Naphtalene (62.5%) 
Benzene 
Toluene 
Total Xylenes (75%) 

BODS 

93000 mg/L 
132 mgL 
1486 mg/L 
55000 mg/L 
11200 mg/L 
72.3 mgL 
15.6 mg/L 
5.83 mg/L 
2280 mgL 
87.0 rngL 
6424 mglL 
100 mg/L 
683 mgL 
7.47 mg/L 
18800 mg/L 
91.3 m& 

9.86 mg/L 

25.9 mg/L 
330 ppb 
39.8 ppb 
5980 ppb 
6440 ppb 
3420 ppb 

539 m#gL 

10 mg/L 

Pits used as a means of storage for treatment may be preferred over manu- 
factured tanks due to volume considerations. Evaporation may be used in these 
wells and may in some instances be considerable in arid climates as calculated 
through the Meyer equation. 

In the case of injection, steel tank storage is preferred to eliminate any 
contamination of the water supply by dust and other particles. In the case of 
Class I1 injection, the water is often pumped into subsurface formations at less 
than the fracture pressure. Thus the water must be free of particulate matter 
to avoid pore plugging. Pretreatment with biocides is for this same reason. The 
construction of properly designed Class I1 injection wells often cost in excess 
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of a million dollars. Thus, considerable planning is necessary to prevent early 
decline of injectivity. 

In planning a Class I1 well, the geology of the area must be considered as 
well as the number of viable injection zones presented. These zones must be 
separated from each other; at least one zone must be permeable and the other 
must be impermeable from the USDW and be free of commercial quantities of 
oil or gas. The area must also be proven free of faults. Crossbedding, tonguing 
and other permeability hindrances should be considered. Most states allow a 
radial extent of + to + mi. The area then available for storage is 

V = CJV, - Vi)DqAhQ (6-391) 

where V, = final pressure gradient in less than frac pressure - psi/ft 
V, = initial pressure gradient in psi/ft 
A = areal extent in ft 

Dav = average depth of injection zone 
= total compressibility in psi-' 

h = thickness of zone in ft 
Q = porosity 

NORMS in Produced Water/Gas 

Radioactive contamination of production equipment is an emerging concern 
in the petroleum industry. Radiation is normally reported in curies (Ci), rads, 
rems, or bequerels (Bq). The commonest way of reporting is pCi or lo-'* curies. 
One curie is equal to 3.7 x 1,010 nuclear transformations per second or 1 gram 
of radium. In contrast, 1 gram of uranium has 0.36 x Ci of activity. A rad 
quantifies an absorbed dose and a rem a dose effect (0.1 mrem/year = 
excess lifetime cancer risk). 

Xrems = Q(Yrads) (6-392) 

The Q here is a quality factor based on the source of activity. Alpha particles 
inflict much more damage to human tissue than do beta emissions. The genera- 
tion of these two partides causes the decay of the parent isotope and leads to 
production of the progeny which are sometimes referred to as daughters. 
Isotopes with larger half-lives usually present lower radioactive risks. Gamma ray 
emission does not produce progenies. Elements that have very short half-lives 
are not significant in that they change rapidly in transport. Radium-228 emits 
beta particles, whereas uranium, radon and radium-226 are alpha emitters. The 
average annual dose received by humans in the United States is 200 mrem of 
which only 4 mrem are attributed to drinking water. Some public water supplies 
have shown radioactivity in excess of 10,000 pCi/L, equivalent to a dose of 
100 mrem/yr [267]. 

Contamination may be caused by natural sources, and as such is termed 
NORM (naturally occurring radioactive material). Radioactivity is a concern due 
to the widespread occurrence of radium, uranium and radon and the inherent 
carcinogenicity attributed to them. A national survey of 1,200 drinking water 
supplies showed that 72% had positive readings for radon with a mean of 881 
pCi/L with a maximum of 26,000 pCi/L. Using data compiled from uranium 
miner incidences, radon probably constitutes the greatest health risk of any 
substance found in drinking water. Under the SWDA of 1986, radium-228, and 
radium-226, radon, uranium, gross alpha, beta, and photon particle activity are 
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regulated. The national interim primary drinking water standards are given in 
Table 694. 

In Canada, the maximum acceptable concentration of Ra-226 is 27 pCi/L 
(1 Bq/L) and for strontium-90 270 pCi/L (10 Bq/L). The World Health 
Organization sets a guideline value of 2.70 pCi/L (0.1 Bq/L) for the gross alpha 
activity and 27 pCi/L (1.0 Bq/L) for the gross beta activity. 

Radon gas is common to natural gas production. It has long-lived decay 
products that contribute to the contamination of production equipment. Radon- 
222 is a highly mobile inert gas produced from radium-226. Other radon 
isotopes exist (thoron) but are rare and have extremely short half-lives which 
cause decay even before the gas is produced at the wellhead. Due to radon’s 
characteristics, it freely travels in groundwater, oil, and natural gas without 
chemical reaction. Once produced at the wellhead, the radon (222) is copro- 
cessed with the natural gas. In the refinery, radon may become concentrated 
in the production of propylene or ethane with a boiling point being intermediate 
to these two. On the wellsite, concentrated radon gas is not expected. Table 6-95 
gives radon concentrations found worldwide at the wellhead. 

Radon-222 has a short half-lifk at 3.8 days. Being inert, it does not accumulate 
in the body. 99% of radon-222 decays into lead-210 within 25 days. Figure 6269 
shows the complete decay series of uranium-238. In the wellsite facilities the 

Table 6-94 
US. interim Primary Drinking Water Regulations for Radfonuclides 12621 

Contaminant MCL (enforceable) 
W u m  228 and 226 
Gross alpha particle activity 
Beta, and photon particle activity 

5 pCiL (0.185 BqL) 
15 pCin (0.56 BqL) 
4 mrem (annual dose equivalent) 

Table 6-95 
Radon Concentrations Found at the Wellhead [268] 

Location of Well 
Borneo 1 - 3  
Canada 
Alberta 10 - 205 
British Columbia 390 - 540 
Ontario 4 - 800 

Radon Concentration (pCi/L) 

-Y 1 - 10 
TheNetherlands 1-45 
Nigeria 1 - 3  
North Sea 2 - 4  
U.S. 
Colorado, New Mexico 1-160 
Texas,Oktahoma,Kansas 1 - 1450 
California 1-100 
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Uranium 238 
4.5e9 yrs 

Radon 222 
/ 

Radium 226 
1600 yrs - 3.8 days 

Polonium / 218 Lead 214 Bismuth 214 

Polonium I 214 Lead 210 Bismuth 21 0 Polonium 210 
0.0002 sec -22yt-s - 5 days -L138 days 

3min -+ 27min - 20min 

Lead s 206 

stable 

Figure 6-269. Uranium-235 decay series [284]. 

daughter products of radon accumulate inside the containing vessels. Due to 
the low concentrations, it may be difficult to measure the radioactivity from 
outside the vessels. Usually, laboratory analysis or specialized probes are needed 
to detect these quantities. An alphdbeta probe may register positive if held to 
the internal surface. Radon gas does have sufficient gamma energies to register 
on a gamma survey meter. These radioactive materials are not considered 
hazardous unless inhaled or ingested [268]. 

Ra-228 comes from the decay of thorium-232. Ra-228 has a beta intensity of 
4.71 MeV and Ra-226 emits an alpha intensity of 0.024 MeV. Ra-226 has an 
initial registered gamma energy of 185.7 keV compared to Ra-228’s 10.3 keV. A 
coal gas well in New Mexico (see Table 6-96) portrays radium levels in excess 
of present drinking water standards in addition to a high level of strontium-90, 
which has a lifetime of 28 years and a beta particle energy of 0.55 MeV. This 
isotope is rare in nature, whereas the stable isotope Sr-88 is quite abundant with 
82.6% of strontium’s isotopes being in this form. Isotopes such as Sr-90 are most 
frequently encountered in tracer surveys. Table 697 shows Wyoming’s produced 
water characteristics. 

Tracer surveys are an important technology used in today’s petroleum industry. 
The injection of low-level radioactive elements dawnhole allows us to follow fluid 
migration downhole through gamma ray logs. The federal government in fact 
allows their use in the confirmation for mechanical integrity in Class I1 injection 
wells 40 CFR 146.8 [269]. The low level radioisotopes are prepared in the lab 
and transported in approved containers to the site. Several different isotopes 
may be injected into any one well depending on the number of fluids needing 
to be traced. The isotopes of strontium, antimony, gold and others are frequently 
used. Each isotope registers a different signature on the gamma ray log. 
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Table 6-96 
Water Analysis from Fruitland Coal Well [285] 

Component m%L meqn 

Amenic a003 aoooi 
Aluminum < I  

Barium 61.9 1.3521 
cadmium 4 a005 
Calcium 29.6 1.4770 
Chmdrn <RBI 
Cobalt < 0.02 
c o w  0.25 
Iron 4.2 02256 
Ltad 0.27 0.0026 
Magnesium 18.4 1.5138 
M-Y LOBI 
Ni&d 0.03 
Potassium 48.4 1.2378 
srlenirrm < 0.0001 
Sodium 5370.0 233.59 
Strontium NR 
Vailadium < 0.1 
Zinc 0.39 0.0119 
Total Cations 239.41 1 
Bicarbonatc 85 CaU& 14700.0 240.944 
carbonateascam3 0.0 
Boron 1.6 0.4440 
Chloride 905.0 25.528 
Fluoride 0.94 0.0495 
NitraWNitrite 0.14 0.0030 
aSN 
Total Anions 266.96 
OU and Gmme 7ao 
pkmdr 0.027 
Sulfate 20 
BuKcne 0.01 
Toheme Lo3 
Eikyr Benzene < a01 
Total Xylene < 0.01 
Altialiiity as C C 0 3  14700.0 
PH 8.07 
T. Dissolved Solids 16300 
Radium-226 4.3 +/- 1.0 PCfi 
Radium-228 8.6 +I- 2.2 pcfi 
strontium - 90 70.7 +/- 1.1 Pcfi 
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Table 6-97 
Concentration of Ra-226 in Wyoming Produced Waters 12861 

Parameter Value 
No. of Wells Tested 373 
Maximum Recorded Value of Ra 226 2 1 52 p C X  
Minimum Recorded Value of Ra 226 
Average Value 21.5 pCi/L 

Number of Wells above 5 p C X  

0 p c a  

Median Value 3.7 pci/L 
167 

Water or gas contaminated by radioactive tracers is to be expected. In the 
case of an injection well, the contamination should be documented with no 
further considerations. In the case of a producing gas well, precautions must 
be taken to protect workers from inhalation of vented gas that may contain 
radioactive vapor. The completion or workover f h id  retrieved from the tracer 
operation are nonexempt subtitle "C" hazardous wastes. As such it must be 
properly contained, labeled, and transported to a specially permitted TSD facility 
authorized to dispose of low-level radioactive waste. Low amounts of waste may 
be stored onsite for extended periods of time. 

Cation exchange is a very effective means of radium removal because it is 
preferred above all other common cations found in water. An even more 
efficient exchange mechanism is BaSO, located in an alumina or SAC resin. A 
resin impregnated with barium sulfate was used to decontaminate the spent 
regenerant solution from a conventional cation exchange process of radim. The 
process was tested on a small municipal system and was very successful and was 
still removing radium when the resin w a s  loaded at 2.7 million pCi/L. This level, 
however, posed a far greater disposal problem than the initial brine solution [270]. 

NORMS frequently enter the production system in the form of scale. This 
scale may be found in the tubing, wellhead, and any of the surface equipment. 
The concentrations have been found up to 30,000 pCi/gm in the production 
equipment scale and 250 pCi/gm in associated sediments such as BS&W. Soils 
surrounding locations may show radium levels up to 2000 pCi/gm [271]. 

The radioactive scale is often found in association with precipitates of barium, 
strontium, and calcium. Equilibrium calculations favor the formation of radium 
sulfate in excess of barium sulfate. The prevention of NORM contamination then 
may be prevented through scale inhibition. An equal mixture at 1 mg/L of 
aminotrimethylene phosphonic acid and phosphinopoly-carboxylate has been 
found effective in eliminating radioactive scale. 

The greatest health risk attributed to NORM-contaminated production equip- 
ment comes from the cleaning or repair. The radioactive materials are not health 
hazards unless ingested or inhaled into the body. In the event of inhalation, 
dustborne particles containing NORM or a gas such as radon attach to the lung 
tissue where they emit alpha particles into the lung tissue, which may lead to cancer. 

Class II Injection Wells 

Class I1 injection wells afford an economic means of disposal of produced 
brine water. They are regulated through the Underground Injection Control 
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Program (UIC) under the provisions of the SDWA. State and local governments 
may be granted primacy over UIC programs by the federal government. The 
underlying rules for the UIC program are found in 40 CFR 144 and 146. 

UIC Criterla and Standards 

An underground source of drinking water (USDW) includes an aquifer and 
its portion which supplies a public water system, or contains a sufficient amount 
of water to supply a public water system, or contains less than 10,000 pprn TDS, 
and is not an exempted aquifer (40 CFR 146.3). An exempted aquifer or portion 
of such must meet the following criteria: does not currently serve as source of 
drinking water, and it cannot or will not serve as source of drinking water due 
to (1) commercial quantities of minerals, hydrocarbons, or geothermal energy, 
(2) situated at a depth or location making recovery of water technically or 
economically impractical, (3) so contaminated that making recovery of water is 
technically or economically impractical for drinking water purposes, (4) contains 
more than 3,000 pprn TDS but less than 10,000 pprn TDS and is not reasonably 
expected to supply drinking water, ( 5 )  is located over a Class I11 well mining 
area subject to collapse or subsidence (40 CFR 146.4). 

A Class I1 injection well injects fluids (1) that are brought to the surface in 
connection with conventional oil and natural gas production and may be 
commingled with wastewaters from integral g a s  plants (2) for enhanced recovery 
of oil or natural gas, or (3) for storage of hydrocarbons which are liquid at 
standard temperature and pressure (40 CFR 146.5). 

Class I1 injection wells are to be located in a formation separated from any 
USDW by a confining zone and be free of known open faults within the area 
of review. The area of review may be computed from a modified Theis equation: 

(2.25KHt) O'' 

r = [  s10" I 
4xKH(h, - hboSpGb) 

X =  

23Q 

(6-393) 

(6-394) 

where r = radius of endangering influence from injection well (length) 
K = hydraulic conductivity (length/time) 
H = thickness of injection zone (length) 
t = time of injection 
S = storage coefficient 

& = observed original hydrostatic head of injection zone as measured 

hw = hydrostatic head height of USDW zone as measured from the base 
from the base of the lowermost USDW (length) 

of the lowermost USDW (length) 
SpGb = specific gravity of fluid in the injection zone 

These equations assume homogeneous, unconfined, isotropic, and total penetra- 
tion of the aquifer with rw << re (40 CFR 144.6). 

Some states question the use of Equations 6-393 and 6-394 in determining 
the range of influence of an injection well and require a set radius. New Mexico 
requires a set radius of influence of 4 mi. 

The requirements do not apply to those wells that were previously drilled 
under a state or federal regulatory system in compliance with these controls 
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provided well injection will not contaminate a USDW. Remedial work may be 
approved to bring newly drilled wells (dryholes) into compliance. Currently, 
amendments to 40 CFR 144 and 146 are proposed for modifying well con- 
struction and extending the scope of wells necessitating documentation for “area 
of review” [272]. Under the new rulings, with some allowances, all new Class I1 
wells will be required to: 

run surface casing through all USDWs containing 13,000 mg/l TDS and 

cement the long string to prevent the migration of fluid from the injection 

have the tubing string landed with a packer. 

cement same to surface, 

zone, 

UiC Permitting Process 

To be granted a permit for a Class I1 injection well, the operator must file 
an application to the ruling UIC program at the state, local, or EPA office. On 
federal leases, the BLM must also grant approval. The permit will address the 
following as stipulated in 40 CFR 146: 

1. depth of well 
2. depth to base of USDW 
3. estimated maximum and average injection pressures 
4. nature of injected fluid 
5 .  lithology of injection and confining zones 
6. external pressure, confining pressure and axial loading 
7. hole size 
8. size and grade of all casing strings 
9. class of cement 

The permit is then reviewed and once accepted is let to the public for comment. 
After this comment period, the final permit decision is issued. Once completed, 
the well then may be used to dispose of: 

produced water 
waste fluids from the drilling operation 
pigging fluids from within the field 
used workover, and stimulation fluids from injection, exploration, and 
recovery wells 
any gas used for enhanced recovery or pressure maintenance 
brine reject associated with enhanced recovery 
waste fluids from sweetening and dehydration of methane as long as the 
fluid is not hazardous at the point of injection 
waste oil and fluids from cleanup operations associated with primary 
production of oil within the field 
waste fluids from cementing operations 
fresh water used as an enhanced recovery base 
water containing chemicals used for enhanced recovery. 

Monitoring of fluid composition, injection pressure, annulus pressure, flowrate, 
and volume is required. Reporting of regular activities is required annually and 
a mechanical integrity test must be performed every 5 years and each time the 
tubing is moved. 
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OFFSHORE OPERATIONS 

The oil and gas industry drilling and production technology have advanced 
from producing oil and gas from onshore locations to producing from distant 
offshore locations in water depths up to 1,000 ft or more. 

Some 50 years ago, locations in the marshlanh were built up above the water 
level with oyster shells. Lumber measuring 3 in. x 8 ft and random lengths were 
laid as matting over the shell fill. A land rig was then moved in by tug and 
barge in a freshly dug canal to the location where the derrick and drilling 
equipment was unloaded and rigged up. Drilling and completion was accom- 
plished as on land locations. 

Later a barge rig was used. This was a derrick with drilling machinery mounted 
on a steel barge. This barge was sunk on location in water depth limited by the 
freeboard of the barge prior to sinking. 

Since the barge rig was limited to very shallow depths, a posted barge was 
developed (drilling deck separated from the barge by I-beams supporting the 
drilling deck). With this unit, the barge could be sunk completely below the 
surface of the water as long as the drilling deck was above the water. The barge 
rig and posted barge rig were used mostly in marshlands and shallow lakes. They 
are still used in such areas today. 

Offshore drilling started in shallow water near the shore line on concrete 
structures. Concrete prestressed pilings were driven in the ocean floor and a 
concrete platform w a s  installed on the piling to support the land-type rig. After 
the well was completed, the rig was moved off the structure and production 
equipment moved in. 

Steel structures were later fabricated onshore and moved to offshore locations 
by tug and crane barge. At location, the crane was used to lift the structure, 
swing it to one side and lower it onto the ocean floor. Largediameter pipe was 
hammered down through the larger steel casing legs into the ocean floor. 
Cement was then circulated between the two casing legs. After the platform was 
installed on the structure, the drilling rig was unloaded onto the platform and 
rigged up for drilling. This method of drilling offshore was used in water depths 
of 100 ft or more. After the well was drilled, cased and completed, including 
the Christmas tree, the rig would move to another location that was ready to 
be drilled. Once the drilling rig left the completed well, flow lines were laid 
and all necessary equipment installed to transport the production either directly 
to a purchaser’s line, to an onshore separation facility, or to a centrally located 
production platform before being transported to land. On Lake Maracaibo, in 
Venezuela, all production w a s  directed to a production platform and then to 
an offshore separation and storage facility. 

Then came the mobile drilling rigs. These were the submersibles, jack-ups, 
semisubmersibles, and floating drillships. Both the semisubmersibles and 
drillships have drilled in over 3,000 ft of water. 

At the present time, drilling in the Gulf of Mexico has been in water depths 
of 1,000 ft. In Lake Maracaibo in Venezuela, the water depths near the center 
of the lake are about 100 ft. Off Norway, the water depths are 500-600 ft. 

Production platforms in 600-700 ft of water are being anchored on the ocean 
floor. The structures are massive to withstand all external forces. As water depth 
increases, the weight and cost of the structure escalates. The taller the structure, 
the greater the moment around the base. This greater moment is caused by the 
greater force (same force per unit length but acting over a longer distance), and 
this force is concentrated at a greater distance from the ocean floor. The forces 
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include currents, wind, tides, earthquakes and floating material such as ice. 
Because of the escalating cost of ocean-f loor-anchored structures, other types 
of platforms are under study. 

Systems under study at the present time are (1) guyed tower, (2) tension leg, 
and (3) catenary anchoring systems. Technology is growing rapidly and, no 
doubt, platforms above the water will function economically and safely at still 
greater depths. Exxon has set a guyed tower in 1,000 ft of water in the Gulf of 
Mexico off the state of Louisiana. Since there are only about 250 underwater 
production systems around the world today, these systems will not be discussed. 

Multlple Use of Structures 

The structure for use offshore may be constructed as a drilling platform but 
may also be used as a production platform. The structure will act as a stabilizer 
for the well casing above the ocean floor to the Christmas tree located above 
the surface of the water. Flowline risers, helicopter landing pads, and mooring 
facilities for crew boats and work boats are necessities that must be supported 
by the structure. 

Primary Considerations 

The entire next section is excerpted from API RP 2A, “API Recommended 
Practice for Planning, Designing and Constructing Fixed Offshore Platforms,” 
July 10, 1984 [279]. 

One of the primary considerations in the design of a structure used in drilling 
and production is for the safety of personnel. Other considerations that must 
be built into the structure with adequate safety factors are the loads applied on 
the structure that may be summarized as follows: 

1. Total weight of structure. This is the total weight in air minus the buoyancy 
on the part of the structure below the water line. 

2. Drilling equipment weight. This load shall be the weight of the drilling 
equipment placed on the platform, including such items as derrick, 
drawworks, mud pumps, and mud tanks. 

3. Production equipment weight. Production equipment load shall be the 
weight of production equipment, which includes separators, compressors, 
tanks and production manifolds. 

4. Drilling supply weights. This load, which includes such things as mud 
weights, water, diesel fuel, and casing, will vary during production. 

5. Production supply weight. Production supply weight will vary during 
production including such things as fluid in tanks and separators. 

6. Drilling load. The drilling load shall consist of any appropriate combina- 
tion of derrick corner load, set-back, or rotary load. 

7. Dynamic loads. Those loads, which act in addition to the equipment 
weight taken statistically, shall include due consideration of the following: 
(a) dynamic amplification of cyclic loads that excite the platform (or some 
component) or near natural frequency; (b) impact from loads that are 
suddenly or dynamically applied. 

8. Installation loads. Those are loads experienced during platform construc- 
tion. They generally are forces that occur during loading out, launching 
or lifting operations. 
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9. Environmental loads. Those loads are imposed on the platform by the 
environment. Combinations and severity of environmental loads used for 
the design shall be consistent with the probability of occurrence in 
particular location. Loads to be considered are (a) Wave loads, (b) Current 
load, (c) Wind load, (d) Ice or debris loads, and (e) Earthquake load. 

10. Natural simultaneous occurrence of those phenomena shall be recognized 
by proper superposition of items (a) through (d). Item (e), earthquake 
load, when applied, shall be in lieu of items (a) through (d). 

Environmental Consideratlons 

The following section is excerpted from API RP 2G, “API Recommended 
Practice for Production Facilities on Offshore Structures,” January, 1974 [280]. 

In establishing structure orientation, prevailing seas, swells, currents, and 
winds should be considered. Likewise, when planning for heliports, docking 
facilities, flare and relief systems, support cranes and hoists, and escape systems, 
oceanographic and meteorological influences should be introduced. 

Weather conditions, such as temperature, precipitation, humidity and winds, 
have a significant effect upon the overall arrangement of the structure produc- 
tion facilities. For example, in cold climates, enclosed structures are desirable. 
Enclosures in turn affect the design considerations such as ventilation and com- 
munication systems. 

General information on the various types of storms that might affect the 
platform site should be used to supplement other data developed for operational 
conditions. Statistics can be compiled giving the expected occurrence of storms 
by the seasons, direction of approach, etc. Of special interest for construction 
planning are the duration, the speed of movement and development, and the 
extent of these conditions. Also of major importance is the ability to forecast 
storms in the vicinity of a platform. 

The probability of personnel being quartered on the platform should be 
considered, and available transportation to remove personnel from the platform 
on short notice. 

Geographical Consideratlons 

This section is excerpted from API RP ZA, =API Recommended Practices for Plan- 
ning, Designing and Construction Fixed Offshore Platforms,” July 1984 [279]. 

Knowledge of the soil conditions at the site of construction of any sizable 
structure is necessary for safe and economical design. On-site soil investigations 
that outline the various soil strata and strength parameters should be made if 
sufficient knowledge has not been gained in a particular locality from previous 
soil investigations. Soundings should also be gathered during the on-site studies. 
These data should be combined with an understanding of the geology of the 
region to develop the required foundation design parameters. These studies 
should extend throughout the depth of the soil to be affected by installation of 
the foundation elements. The bearing capacity of mat and spread footing 
foundations and the lateral capacity of the pile foundations are largely deter- 
mined by the strength of the soil close to the sea floor. Consequently, particular 
attention should be paid to developing complete information on these soils. 

The distance between the platform and shoreside terminal will be a definite 
consideration when planning pipelines, shipping pumps, gas compressors, 
storage requirements and waste water-handling facilities. 
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Operatlonal and Design Consideratlons 

The following is excerpted from API RP 2G, API “Recommended Practice 
for Production Facilities on Offshore Structures,” January 1974 [280]. 

Space is an important factor in promoting a safe operation. As the density 
of production facilities on a structure increases, operating and maintenance 
problems and the chance of failure also increase. The use of other productive 
measures should be considered. 

Adequate space should be provided around machinery, tanks, vessels, and pipe 
headers to permit easy access for maintenance. Craneways or lifting points should 
be provided for the ease of handling of equipment and supplies. Work areas 
should be well lighted and ventilated with adequate provisions for communi- 
cation between personnel. 

In determining spacing production facilities on an offshore structure, many 
factors should be considered. Some of the major items to be considered are: 

space of operation and operating personnel 
space for maintenance access 
space to provide safety from inadvertent mechanical damage 
space to protect against sources of ignition 
space to provide access for control of fires 
space to limit exposure of important equipment and utilities to possible fire. 

It is recognized that the space limitations imposed by the very nature of off- 
shore structures will make many compromises necessary. However, production 
facilities can be arranged to provide a safe, pollution-free operation. 

All equipment should be designed in accordance with the latest standards and 
in compliance with correct government regulations. 

Piping in all areas should be planned to minimize the number of bends, corro- 
sion, and erosion and also provide easy access and egress from the functional 
parts of each piece of equipment. 

The safety of operating personnel is the primary consideration in designing 
producing facilities. Requirements for means of escape, personnel landings, 
guards, rails, and lifesaving appliances are specified in U.S. Coast Guard Rules 
and Regulations for “Artificial Islands and Fixed Structures on the Outer Conti- 
nental Shelf.” 

Equipment should be arranged to provide well-defined corridors of egress 
from all structural areas. Two exit routes in opposite directions from each area 
should be provided where possible. Enclosed areas containing a source of fuel 
should have at least two exits opening to a nonhazardous area. 

There are many different types of structures utilized in offshore operations. 
These vary from single-well structures to multiwell completely self-contained 
drilling and production handling structures. Similarly, the utilities and quarters 
required vary with the type of structure and how it is utilized. 

In planning the utility systems, consideration should be given to number and 
type of wells, oil and gas processing facilities, remoteness from shore, antici- 
pated production volume, number of people to be housed on the structure, 
type of fire fighting system, type of control system and electric power source. 
For example, the single well structure may not require the installation of any 
utility system; whereas, the self-contained manned structure may require all 
utilities listed. 
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Safety Shut-Down Systems 

A properly designed safety shut-down system will sense an abnormal opera- 
tional or equipment condition and react to this condition by shutting in or 
isolating necessary system components, or even the entire system. Other actions, 
such as sounding alarms, starting fire extinguishing systems, and depressuring 
all piping and pressure vessels, may also be initiated by the shut-down system. 
The actions to be taken will depend on the level of criticality of the abnormal 
conditions. The three primary purposes for installing shut-down systems are to: 

protect human life 
prevent ecological damage 
protect the investment 

In planning and designing shutdown systems, it is f ist  necessary to determine 
which events could endanger life, environment, or investment. Inspection, 
maintenance and failure documentation are definite considerations in planning 
shutdown systems. Inspection procedures that call for in-place functional tests 
or component removal should be carefully planned. Production facilities arrange- 
ments should include locating shut-down system components for easy access for 
the inspection and test. The personnel who perform inspections should be 
educated and trained on a formal basis. 

Flare and Emergency Rellef Systems 

Flare and emergency relief systems associated with process equipment should 
be designed and located with consideration of the amount of combustibles to 
be relieved, prevailing winds, location of other equipment (including rigs, 
personnel quarters, fresh air intake systems and helicopter approaches) and other 
factors affecting the safe, normal flaring or emergency relieving of the process 
fluids and gases. 

Relief System 

The relief system is an emergency system for discharging gas by manual or 
controlled means or by an automatic pressure relief valve from a pressured vessel 
or piping system to the atmosphere for the purpose of relieving pressures in 
excess of rated working pressures. The relief system may include the relief valve 
or rupture disc, the collection piping, a gas scrubber for liquid separation and 
a gas vent. 

Flare System 

The flare system is a system for discharging gas through a control valve from 
a pressured system to the atmosphere during normal operations. This discharge 
may be either continuous or intermittent. The flare system may include the flare 
control valve, collection piping, the gas liquid scrubber, and gas vent. 

Normally, gases discharged into the flare system are at low pressures and low 
f lowrates. The back pressure requirements are not defined; however, flare 
systems should be designed to ensure that vessels and t a n k s  will not be over- 
pressured and to accommodate the maximum volume that could be vented. 
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Ventilation 

Enclosed structures require a thorough review to ensure adequate ventilation. 
Areas enclosed on all sides that contain equipment considered a source of 
ignition should be pressurized to prevent hydrocarbons entry. The air intake for 
the pressurizing system should be located to preclude entry of hydrocarbons into 
that system. Enclosed areas containing hydrocarbon fuel sources should be vented 
with an exhaust system to ensure removal of any escaping hydrocarbons. Also, 
enclosed areas where welding is to be conducted should be ventilated with an 
exhaust system to ensure removal of gas evolved during welding operations. Air 
intake for this system should be located to preclude entry of hydrocarbons. 

Equipment areas located on open-type structures should be arranged to allow 
the natural ventilation caused by winds and convection currents. Care should 
be taken around fired process equipment to ensure that adequate draft for the 
equipment is provided. Also, the equipment should be arranged to take advan- 
tage of the prevailing winds to keep escaping hydrocarbons from being carried 
toward equipment considered to be a source of ignition. Special care should be 
taken in the use of protective walls to ensure proper ventilation. Special 
consideration should be given to ventilation of the wellhead areas. This area 
should be as open as possible, with a minimum of two sides of the structure 
open. The interior of the quarters building should have an adequate exhaust 
system to preclude accumulation of smoke and odors. 

Transportation 

In designing support facilities for the transportation of personnel and 
equipment on offshore structures, one must consider the prevailing meteoro- 
logical and oceanographic conditions. The location of transportation facilities 
relative to prevailing wind, waves and currents may control the orientation and 
layout of the entire structure. 

Boat landings and docks should be located on the lee side of the structure. 
Cranes in turn must be located over the boat landing for convenience in loading 
and offloading equipment. Storage areas for pipe and bulk materials should be 
located within or adjacent to the area covered by the crane boom. 

On manned structures the primary means of escape will be the stairway from 
the cellar and main decks to the personnel landing. Location of the personnel 
landing and primary escape route should be taken into consideration when 
arranging the production facilities and quarters. 

Helicopter pads should be located so as to give clear landing approaches for 
the helicopters. Stacks, guy wires, crane booms, antennas, etc., should be 
arranged so as not to intrude into the approach or departure paths of the heli- 
copters. The lack of other structures in the area may dictate the need for landing 
space for two or more helicopters. 

Pollution Prevention 

Offshore production facilities must include methods for containment and 
proper disposal of any contaminants (which may be defined as any foreign or 
undesirable substance, but as used here these substances are meant to be liquids 
or solids containing liquid hydrocarbons, relatively high concentrations of austic 
or acidic chemicals, raw sewage, trash and inedible garbage). 

Methods must be provided for collecting spilled hydrocarbons from all deck 
areas. For example, solid deck areas may be drained to a gutter and routed 
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through a system of gutters or piping to a central point. This may also be done 
by providing a number of drain openings in the decks that are then piped to a 
central point. From the central point, the collected liquid material may be 
discarded into a tank or container where separation takes place due to a specific 
gravity difference. Liquid hydrocarbons may then be skimmed off and routed 
into the production system and the remaining water treated by further separa- 
tion, filtration, etc., as needed. 

All deck areas that have a source of oil leakage, spills, or drips must be 
surrounded by a curbing or a continuous gutter. Alternatively, drip pans may 
be installed under equipment, provided liquids are routed to a central point and 
treated as just described. 

In installations where toilets are installed and human waste is discharged into 
surrounding waters, the effluent must meet requirements of applicable govern- 
ment agencies. 

Combustible solid wastes such as paper or wood products or other organic 
material such as garbage may be disposed of by incineration in a suitable 
container in an area which permits an open fire. Alternatively, the waste may 
be placed in containers and transported to shore for proper disposal. 

Basic Service Safety Systems 

The primary reason to have a service safety system on an offshore production 
platform is for maximum protection of personnel, to minimize chances of fire 
and reduce chances of explosion and pollution as a result of equipment failure. 

The design of each safety system must be engineered for the type of well or 
wells coming onto the platform. The design must be within guidelines established 
by the regulatory agency. In the United States, the U.S. Geological Survey is 
the regulatory agency that enforces periodic testing of the various parts of the 
shutdown system; that is, provided the platform in question is in federal waters. 
Platforms in state waters fall within the jurisdiction of the bordering state. 

To learn the requirements of the safety shut-down system, refer to the 
American Petroleum Institute, API RF' 14C. 

Regulatory Agencies Most Involved with Production Operations 

In the United States, a permit is required from the U.S. Army Corps of Engi- 
neers to set a structure on or build on manmade islands in any federal or state 
waters. A dredging permit may be needed for digging a canal in the marshlands. 

The U.S. Coast Guard must be notified well in advance of any structural 
movement in state or federal waters beyond the coast line. This requirement is 
so the Coast Guard may inform all vessels navigating in the area of such 
movement and hazard. 

The regulatory agency in the United States responsible for drilling and 
production operations in federal waters is the Minerals Division of the U.S. 
Geological Survey. 

On August 7, 1953, the Outer Continental Shelf Lands Act was enacted, which 
authorized the Secretary of the Interior, at any time, to prescribe and amend 
such rules and regulations to be applicable to all operations conducted under 
a lease or maintained under the provision of the Act, as he determines to be 
necessary and proper to provide for the prevention of waste and conservation 
of natural resources of the outer continental shelf, and the protection of 
correlative rights therein; subject to the supervisory authority of the Secretary 
of the Interior, the regulations shall be administered by the Director of the 
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Geological Survey through the Chief of the Conservation Division. 
The U.S. Geological Survey regulates drilling and production under fourteen 

(14) OCS Orders, which are listed below. These orders are subject to revisiom 
at any time. 

OCS Order #1 

OCS Order #2 
OCS Order #3 
OCS Order #4 
OCS Order #5 
OCS Order #6 
OCS Order #7 
OCS Order #8 
OCS Order #9 
OCS Order #10 
OCS Order #11 

OCS Order #12 
OCS Order #13 
OCS Order #14 

Identification of Well Platforms, Structures, Mobile Drilling 
Units, and Sub-sea Objects. 
Drilling Operations. 
Plugging and Abandonment of Wells. 
Determination of Well Productivity. 
Production Safety Systems. 
Completion of Oil and Gas Wells. 
Pollution Prevention and Control. 
Platforms and Structures. 
Oil and Gas Pipelines. 
Sulfur Drilling Operations. 
Oil and Gas Production Rates, Prevention of Waste, and 
Protection of Correlative Rights. 
Public Inspection of Records. 
Production Measurement and Commingling. 
Approval of Suspension of Production. 
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Chapter 7 
Petroleum Economics 

The purpose of petroleum engineering is to examine, define and implement 
the methods and procedures for developing and producing oil, gas and associ- 
ated products so as to optimize profits and return on investment. In other words- 
to make money. We say optimize because there are factors other than financial 
considerations that influence a return. The purpose of this chapter is to outline 
the methods and procedures used to evaluate an oil and/or gas property. Evalua- 
tion consists of two major steps: 

determination of the amount of producible oil and/or gas and the schedule 

determination of the economic value of the future production 
of recovery 

These are not separate functions, but meld at the boundary so that one influ- 
ences the other. 

ESTIMATING OIL AND GAS RESERVES 

What are reserves? The USGS and DOE define the relationship between petro- 
leum resources and reserves in fairly simple terms. The total resource base of 
oil and gas, the amount that exists prior to production, consists of the total 
volume that was formed and later trapped within the earth. A portion of this 
resource base is nonrecoverable by current or foreseeable technology because 
either it is dispersed in low concentrations or it simply cannot be extracted due 
to economics, intractable physical forces or both. The recoverable resource base 
consists of discovered and undiscovered resources. Discovered resources include 
recoverable and nonrecoverable resources, while the recoverable resources 
include cumulative production and reserves. If there has been no production, 
then all the recoverable resource is classed as reserves. DOE describes reserves 
as uvolumes, estimated to exist in known deposits, that are believed to be 
recoverable in the future through the application of anticipated technology” 
(Figure 7-1). 

Industry applies a more restrictive definition by including a concern for 
economics. The Society of Petroleum Engineers (SPE) defines reserves [l] as 
-estimated volumes of crude oil . . . and other products . . . anticipated to be 
commercially recoverable . . . from a given date forward, under existing eco- 
nomic conditions, by established operating practices, and under current govern- 
ment regulations.” Within the term “reserves” are subcategories from proved 
producing mmes currently being produced and likely to continue to be produced- 
to pmed undeveloped-reserves requiring capital expenditures to drill a well or 
otherwise initiate production-to probable and possible reserves. Probable reserves 
are less certain of recovery than proved reserves and possible reserves are less 
certain than probable reserves (Figure 7-2). 

Reserves are a volume of future production estimated as of a given point in 
time, such as December 31 for many public companies. The estimator must 
consider the conditions that exist at that time, not the year before or a year 
hence. The volume must be estimated based on currently established operating 
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practices that are in use on the property, or which can reasonably be expected 
to be applicable to the property. This gives some latitude to the estimator but, 
as the range of possible operating methods is broadened, there is a strong 
probability that the classification of the reserves will have to be changed as the 
certainty of recovery changes. Finally, the volume must be recoverable under 
current prices and costs with due consideration for the interaction of prices and 
costs. Thus, if oil price declines and costs do not, the volume of reserves could 
be reduced as the ‘economic life” of the property is shortened. There is some 
debate whether current economic conditions should include the expectation that 
prices and/or costs will change in the future. The SPE definition says that 
current economic conditions “include prices and costs prevailing at the time of 
the estimate” but does not rule out the inclusion of price/cost escalators. It is 
common practice in today’s industry to escalate or deescalate prices and costs 
based on the expectation of future events as deemed appropriate at the time 
of the evaluation. 

Definitions for reserves such as those published by the SPE and other organi- 
zations and agencies may vary in terminology but not in general practice. There 
are also special case definitions used by government agencies. The Securities 
and Exchange Commission requires reserve estimates filed with that agency to 
be done with prices and costs held constant at the then current levels and using 
a discount rate of 10%. This definition is intended to allow comparison on a 
common basis between companies and from year to year. The SEC method has 
no practical value. Some taxing agencies, particularly those with ad valorem taxing 
authority, use reserve definitions that allow the assessor wide latitude in deter- 
mining reserves and property values. 

CLASSIFICATION OF PETROLEUM PRODUCTS [ 2 4 ]  

The petroleum products that may be subject to evaluation can be grouped as: 

crude oil 
natural gas 
associated products 

Crude oil is a liquid composite of many hydrocarbon compounds that, depend- 
ing on the composition, has differing properties such as oil gravity, viscosity, 
and pour point which, at least in part, define the quality of the oil for end use 
and also influence the methods that would be used to develop and produce the 
oil. Crude that has a high API gravity and low viscosity is generally easier to 
produce than low gravity, high viscosity oil that may require stimulation to main- 
tain production rates. The characteristics of the oil can, and often does, influ- 
ence everything from well spacing to pump size to life of production-all of 
which has an impact on the economic value of the producing property. 

Crude oil is a market commodity and is subject to considerable variation in 
its economic value. Oil price varies based on location, gravity, sulfur content 
and competition from other fuel sources. As an example, crude oil produced 
in California is consistently priced $3-4/bbl below similar oil in the mid- 
continent in part because of oil gravity but also because of the sulfur content 
and the lack of access to other markets. At times, such as under the WPT, crude 
oil has been economically stratified based on when it was put on production 
and the status of the producing company. 

Natural gas is a fluid also composed of many hydrocarbon compounds 
although generally not as complex as crude oil. The primary differences between 
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gases are (1) the heating value (generally the methane content), (2) the non- 
hydrocarbon gas (N2, 0,, HpS, etc.) content and (3) the amount of liquid or heavy 
ends that can be obtained as natural gas liquids (NGL). 

The economic value of natural gas is directly related to its composition. A 
gas with no nonhydrocarbons and which is entirely methane and ethane has a 
high heating value. If it contains propanes and other stripable ends, the value 
increases. Natural gas enjoys a relatively high economic value because it has a 
low cost of production. However, it is highly regulated through pipeline and 
utility controls on transportation and pricing so that it rarely achieves equivalent 
value with crude oil on a $/Btu basis. In addition, due to the ease of transport- 
ing gas, there is substantial competition among gas producing regions, which 
acts as a control on gas prices. 

Associated products include (a) natural gas liquids (NGL) that can include 
propane, butane, natural gasoline and virtually any other hydrocarbon that can 
be stripped from gas, (b) sulfur, (c) nonhydrocarbon gases. The NGLs can have 
substantial economic value but require investment in specialized striping plants. 
Pricing tends to be driven by the local market and can be volatile with demand. 
Sulhr is a common by-product in many Canadian fields and in some areas of 
the United States. The economic value tends to fluctuate considerably, and sulfur 
production may often be more of a nuisance than an economic benefit. Non- 
hydrocarbon gases such as nitrogen and helium can be economic by-products, 
but in most cases where this occurs the nonhydrocarbon becomes the primary 
product and the natural gas is secondary. 

The economics of crude oil, natural gas and associated products can differ 
significantly depending on market conditions. 

METHODS FOR ESTIMATING RESERVES [5,6] 

The true reserves of a well are known only after it has been plugged and 
abandoned. Reserves determination is never more than an estimate. Some esti- 
mates are based on more knowledge and analysis than others, but a large part 
of the estimate is the evaluator’s perception of future production and economic 
conditions. Information is critical and the proper usage of that data is vital. 

Primary Productlan. Primary production uses the natural reservoir energy of 
dissolved gas, encroaching water, gravity or other source as the recovery mecha- 
nism. There are a number of methods available for reserves estimation, which 
can be used alone or in concert. The use of the methods depends on the stage 
of life of the property and the amount and quality of data that are available. 
These methods can be generally grouped as (1) volumetric, (2) material balance, 
(3) production performance. Each method has its attributes and drawbacks. 

Volumtric methods [7,8] are used early in the life of a property, before sig- 
nificant production has occurred. This is a subjective criteria; volumetric 
methods can be and often are used long after production has reached maturity. 
Volumetric methods attempt to determine the amount of oil and/or gas-in-place 
and reserves by calculating a volume from the physical properties of the 
reservoir(s). The method requires a knavledge of the size of the reservoir, and 
the physical properties of the reservoir rock(s) and fluid(s). The volume of 
original oil in place (OOIP) in a segment of the reservoir is equal to: 

Volume V = Amount of pore space x (amount of oil - amount of water) 

OOIP - v, - V(4) x s, (7-1) 
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where V = specified volume of reservoir measured in acre feet 
I$ = porosity-% of void space in V 

S, = hydrocarbon saturation as a % of fluid content 
= 1 - Sw, where Sw is the water saturation as a % of fluid content 
= So + Sg if there is a free gas cap 

In practical use, the equation is 

in which 7,758 is the conversion from acre-feet to barrels and Bo is a factor 
to convert the fluid volume at reservoir pressure and temperature to stock 
tank barrels. 

In free-gas reservoirs or in the gas cap of oil reservoirs, the volume of gas- 
in-place is 

where 43,560 is the conversion from acre-feet to cubic feet. The gas formation 
volume factor (BJ may be estimated for various combinations of pressure, 
temperature and gas gravity from published tables. 

The volume of dissolved gas in an oil reservoir is given by 

where Rs is the volume of dissolved gas per barrel of oil at reservoir conditions. 
The volumetric method can be subject to considerable error because (1) it is 

often used to evaluate a property when little specific data may be available and (2) 
it requires the estimation of reservoir rock and fluid properties and reservoir 
volumes from spot measurements of the properties that are then applied to the 
entire reservoir. Porosity and water saturation are obtained from well logs 
and/or core samples that are measured from a small volume of the reservoir 
and that, under the best circumstances, only approximate the conditions in the 
reservoir. The areal extent of the reservoir is rarely known until many wells are 
drilled, while volume is estimated using a zone thickness measured at one or 
more points in the reservoir. While techniques of core analysis and, especially, 
electric and other well log measurement and analysis have become very sophis- 
ticated, the volumetric method remains only a gross estimate of oil-in-place. 

Conversion of a volumetric oil-in-place to ultimate recovery requires the use 
of a recoveryfactor, Rf, which can be either a unit recovery (bbl or Mcf/acre ft) 
or a percentage of OOIP. 

Recovery factors can be determined from the performance of similar reser- 
voirs, from laboratory analysis of cores, or computer simulation of anticipated 
performance. Unit recovery can also be calculated assuming information is 
available from reservoir fluids and core analysis. 

Ultimate recovery = V, x recovery factor 
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For solution gas drive or depletion drive reservoirs: 

where recovery is the difference between OOIP at initial reservoir conditions 
and OIP at abandonment conditions. 

In a water drive reservoir: 

The volumetric method has certain data requirements. In checklist form: 
Reservoir volume: 

accurate mapping of gross and net sand 
determination of oil-water and gas-oil contacts 
calculation of reservoir volume (acre/ft) 

Rock properties: 

determine porosity-from logs, cores or both 
determine water saturation-from logs, cores or both 
determine residual So and Sw-from core tests 

Fluid properties: 

determine Bo at initial and abandonment conditions from PVT analysis 

The material balance [9-121 is a more complex method of estimating reserves, 
but has the advantage of providing an estimate of production over time under 
certain conditions. The method has several forms and requires both an extensive 
pressure-volume-temperature (PVT) analysis of reservoir fluids and an accurate 
pressure history of the reservoir. The latter obviously requires that some 
production (5-10% of ultimate recovery) occur before the method can be used. 
The method is not a substitute for the volumetric method but can be used along 
with the volumetric method later in the life of the property and is often used 
to obtain a recovery factor for volumetric calculations. The material balance 
method could also be used if reliable pressure history data can be obtained for 
a reservoir with similar rock and fluid properties. 

The material balance is a practical application of conservation of mass and 
energy principles used to balance the withdrawals from a reservoir with changes 
in volume of the original reservoir fluids and the influx of additional fluids. 
The method has been modified, adapted and simplified by many authors. The 
several forms attempt to model reservoir performance over time by equating 
the expansion of reservoir fluids, as pressure decline occurs during production, 
to the change in voidage of the reservoir caused by withdrawal of oil, gas and 
water (less any water influx). The method requires an iterative solution of 
sequential pressure drops caused by production. The values for each successive 
step in the analysis are taken from PVT analysis of the reservoir fluids. 
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The general equation is: 

N,[B, +0.1781 Bg(Rp - R,)]-(We - Wp) 
N =  , - ,  . _I 

1-s, (7-7) 

where N is the OOIP, which, by definition, must remain the same through each 
step of pressure decline. The general equation assumes that all components of 
the reservoir react to production. By using the pressure-production history of 
the reservoir to obtain a relation of NP (production) to AP (change in reservoir 
pressure), a projection of NJAP can be used as the basis for a material balance 
estimate of future production to the point of pressure depletion. At that point, 
ultimate primary recovery is obtained and 

R, = Np/N 

The material balance may be thought of as: 

Initial oil in place = oil remaining + oil produced at time (t) 

However, it is more convenient to treat the balance as: 

Initial gas in place = gas remaining + gas produced 

In this form the general equation becomes: 

Np[B, + Bg(Rp - R,)] - B,(W, - WP) N =  
+Bg(R,  -Rs ) - (B ,  - B o )  (7-8) 

where Np[Bo + B,(Rp - Rs)] is the reservoir volume of produced oil and gas; 
Bw(We - Wp) is the total amount of water influx retained in the reservoir; 
&,(BJBd - 1) is the expansion of the gas cap; and BJR, - RI) is the reduction 
in the amount of solution gas at reservoir conditions occurring with production 
of NP barrels of oil [13,14]. 

If there is no gas cap and no water influx, then: 

If the reservoir is above the bubble point [15], then Bg remains constant; R,, 
Rs and R,i are equal and: 

NpBo + WpB, 
N =  Bo - B, (7-10) 
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Bw can often be ignored if reservoir pressure is low; however, data on water 
compressibility are readily available. Where reservoir fluid property data indicate 
measurable change in the compressibility of oil, water and rock with changes 
in pressure, then the equation(s) would be modified by using an effective oil 
compressibility term: 

N,B, + W,Bo 
N =  

C,B, (Pi - P) 

where: 

In water drive reservoirs [16,17]: 

(7-11) 

(7-1 2) 

(7-13) 

where: 

Di = B,<Rsi - R,) - (B, - Bo) (7-13a) 

Water influx (We) is rarely known or measurable; however, where water influx 
occurs, calculated values of N, over time would increase. N could be estimated 
by plotting Ni vs. time and extrapolating back to t = 0 where N,(t = 0) = N. 
This approach includes a significant potential for error if the plotted points are 
not a straight line. Several authors have presented means of improving this 
approach (Figure 7-3). 

In reservoirs with an active gas cap and no active oil/gas segregation with 
production: 

where subscript b refers to the bubble point (BP). 
In reservoirs with a combination of drives: 

(7-14) 

(7-15) 

ar  
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Cumulative (Np) 

Figure 7-3. Calculated N vs. cumulative Np. 

(7-16) 

where 

Several authors have presented variations in the calculation procedure to obtain 
material balance recovery factors. Muskat's method [ 18-20] calculates the change 
in oil saturation with change in pressure as production occurs: 

At depletion, 

So* = Soi - ASo (7-19) 

(7-20) 
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Muskat’s method assumes uniform oil saturation (no gas segregation) and 
relatively low permeability. The method requires small pressure increments but 
is readily adapted to computer analysis, thereby reducing the tedium of the 
calculation. The results are converted into recovery per acre foot by: 

Cumulative recovery as a percentage of OOIP can be determined by: 

and gas/oil ratio performance by: 

R = R, +5.615 [ --- :: g: :I) SCF/STB 

Relative production can be calculated from: 

ko P O I  P qa = q, --- L. P o  F J  STB/Day 

(7-21) 

(7-22) 

(7-23) 

(7-24) 

Tamer’s method [21,22] for use in solution gas reservoirs below the bubble 
point (BP), requires a simultaneous solution of the material balance equation 
and the instantaneous gas/oil ratio equation. The procedure is to calculate the 
cumulative oil (N,) and gas (G,) for a pressure drop (p, - p,) as follows: 

1. NP = 0 at the bubble point. 

2. (G,),=(N,).JR,),=N 

(7-25) 

3. (sc)2 = s, +(1-Sw)- -- 
Bd Bo [l (,),I 

4. Determine kdk, at (St)+ 

(7-26) 

(7-27) 

(7-28) 
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6. Make three good estimates of (NJS and the corresponding (Gp)* from steps 
2 and 5. Plot (NJe vs. (Gp)e for step 2 and for step 5 and take the inter- 
section of the curves as satisfying both equations. 

Published tables of recovery factors, calculated using the Muskat and Tarner 
methods, can be used where no detailed data regarding reservoir fluids or rock 
properties is available. 

NON-ASSOCIATED GAS RESERVOIRS [23,24] 

4356OV,($)(l- S,) 
OGIP = G = SCF 

B, 

AGp = 43,560( $)( 1 - S, ) (.’, - - - le) SCF/acre ft 

(7-29) 

(7-30) 

The gas formation volume factor (BJ at abandonment (Be) is calculated at 
abandonment pressure (Pa), which can be based on pipeline pressure or the 
minimum pressure to which the reservoir can be reduced for the conditions of 
reservoir depth, tubing size or other constraint( s). 

Production Performance. The volumetric and material balance methods of 
estimating reserves are valuable tools but are often limited by paucity of data; 
mathematical calculations that, in being simplified, leave out or assume certain 
reservoir conditions to be true; and/or the assumption of uniformity of condi- 
tions throughout the reservoir. In contrast, the production performance [25-281 
approach implicitly includes all reservoir and production operating conditions 
that would effect performance. When production is not curtailed by regulatory 
or other artificial conditions, the volume of production from the well is a 
direct result of the interaction, however great or small or uniformly dispersed, 
of all reservoir rock and fluid properties with the existing wellbore and operat- 
ing conditions. Since oil reservoirs are finite in volume, production over time 
causes a reduction in pressure that, in turn, causes a decline in the rate of 
production per unit time. The combination of time, production rate and 
cumulative production can be used to determine both remaining reserves and 
productive life. 

When there has been sufficient history to establish a production trend for a 
property, the three variables may be plotted as graphs, commonly known as 
decline curves, which can then be extrapolated to determine future production 
and reserves. The most common approach is the rate-time plot where time is 
plotted as the independent variable (X) and production rate is plotted as the 
dependent variable (Y). This curve, with sufficient definition, can be extrapo- 
lated into the future to estimate future production and reserves. 

The only requirements for extrapolation are that the curve demonstrate 
uniformity of shape and that there be an end point The uniformity of shape is 
required to ensure that performance is the result of interaction of reservoir and 
operating condition and is not being altered by changing operating or other 
artificial conditions. It is important to carefully analyze all data used to define 
production performance and to equate production during short production 
periods (February) and downtime (during pump changes or other well work) to 
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production during “normal” periods. Changes in production caused by mechan- 
ical alterations, such as opening or closing flow valves, pump changes or pump 
speeds, must be equated and may require additional graphical analysis. The use 
of sales data must equate the time between sales to the production time. Often 
sales occur when a certain tank volume is accumulated, not on a strict time basis, 
so that, over time, the period between sales may increase while the volume 
appears to be constant. The production rate, however, may well be declining. 

The decline curve may generally demonstrate one of three forms: exponentid 
essentially a straight line of constant slope; hyperbolic, a continuously flattening 
curve that can be described mathematically; and harmonic, a special case of the 
hyperbolic decline (Figure 7-4). 

The decline can be described in two ways: the nominal decline rate is the 
negative slope of the curve of the natural log of the production ratio (4) at 
time (t), or 

(7-3 1) 

The effective decline rate is more common in actual practice and has the form 
of a loss rate: 

91 - 91 D, = - 
9i 

(7-32) 

i\\ \%F U g 
f 
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s _ _  

-- 

Time 

Figure 7-4. Decline curve-Rate/Time (exponential, harmonic, hyperbolic). 
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Decline rate is normally expressed as an annual rate for comparison among 
properties. 

For exponential or constant-percentage decline, the nominal rate is 

where, after integration, 

q = qie-Dt 

(7-33) 

(7-34) 

where t is the time period over which q is to be calculated and to which D must 
conform. Further integration yields 

9i - 9  N, = - 
D 

(7-35) 

where NP is the cumulative production during the period between qi and q. If 
9. at abandonment is substituted for q, then N, is the ultimate recovery at 
decline rate D. 

Hyperbolic decline may only become evident later in the life of a property 
and may require careful analysis to be discerned. In fact, most primary produc- 
tion occurs as hyperbolic decline but, in practice, constant rate decline is often 
used to approximate future production. In the late life of production, hyperbolic 
decline approaches asymptotic conditions and can very well be approximated 
by an exponential decline. For the early life: 

(7-36) 

where n is a fractional power of the production rate between 0 and 1 and b is 
a constant determined at initial conditions: 

q = qi(l + nDit)-'In 

q; ( q p  - q'-" ) 
N, = 

(1 - n)Di 

For harmonic decline: 

(7-37) 

(7-38) 

(7-39) 

(7-40) 

where: 
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and, after integrating, 

Nominal and effective declines can be related: 

Exponential: De = 1 - e-D (7-44) 

Dn = - In (1 - De) (7-45) 

Hyperbolic: Dei = 1 - (1 + nDi)-'In (7-46) 

1 
n 

D, = - [( 1 - d ti)- -11 

Harmonic: Dd = Di l + D i  

D, = D, 
I-D, 

(7-47) 

(7-49) 

Most decline curves are hyperbolic with values of n = 0.0 and 0.7, while the 
majority are between 0.0 and 0.4. Published tables relating time to loss rate and 
NP for various decline rates may be useful. 

In addition to the requirement for a uniform trend, estimation of reserves 
from production performance requires an end point. This can be an imposed 
limit, such as the flowrate at a certain wellhead pressure for gas wells, but is 
most commonly an economic limit. 

The economic limit is the production rate at which the revenue from sale of 
production equals the cost of production at the same time. Continued produc- 
tion at or below the economic limit rate creates no economic gain and would 
serve no economic purpose. Of course, there may be other reasons to continue 
production-as many operators did after the price declines of 1986-1990-but 
the estimated amount of Ghat production is not, by definition, reserves. 

Economic limit = production x product price 
minus royalty 
minus production and ad valorem tax 
minus operating costs 

= zero 
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or 

Costs of production/unit time 
Product pricelbbl or Mcf 

Economic limit = = Productioqhnit time 

Other forms of production performance analysis may be useful as an adjunct 
to the time-rate curve. 

Rafe-Cumulafive. A plot of exponential production rate versus cumulative 
production on Cartesian scale often yields a straight line. Extrapolation of this 
line to the economic limit production rate yields the ultimate oil or gas recovery 
(under the assumed economic conditions). 

Reserves = ultimate recovery - cumulative recovery 

WOR-Cumulative Pf~d~cf lon.  In water drive reservoirs or in most waterflood 
or steamflooding operations, ultimate recovery can be estimated by plotting the 
WOR against cumulative recovery (Figure 7-5). The maximum WOR that can 
be sustained under the assumed economic conditions can be used as an eco- 
nomic limit. The cumulative production at that point is ultimate recovery and 
reserves can be estimated as above. A variation on this method is to use water 
cut (water as a % of total fluid) rather than WOR (Figure 7-6). 

GOR-Cumulafive Oil Pfoducflon. Use of a rate-cum or WOR-cum analysis can 
be used to estimate periodic and ultimate GOR, which can then be converted 
to gas production. Conversely, if gas volume is a limitation on production (such 
as where gas cannot be sold) then GOR versus cumulative oil can be used to 
estimate recovery. 

T 

Cumulative (Np) 

Figure 7-5. Watedoil ratio and cumulative decline curve. 
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T 

Cumulative (Np) 

Figure 7-6. Water cut and cumulative decline curve. 

Analysis of rate-cum and other variations using hyperbolic or harmonic decline 
trends may require semi-log or log-log treatment. 

In the instance where the property being valued does not have sufficient 
history to be fully definitive, the performance of similar properties may be used to 
estimate reserves for the subject property. The similar property may be another 
well on the same lease if the subject property is a new well, or it may be a 
group of wells on an adjacent lease, or even a group of wells in a nearby field 
that produces from the same reservoir. "Similar" is a broad term and must be 
used with care. Similar does not necessarily mean identical-no two wells or fields 
are identical. The properties must, however, share the reservoir rock and fluid 
characteristics and operating conditions that would allow the evaluator to expect 
that they would perform much the same way over time. Wells in the same field 
(or portions thereof) and reservoir should perform in a similar manner, whereas 
wells in different reservoirs may perform very differently. In some cases, however, 
even wells in the same reservoir may perform differently if the conditions are 
changed. The performance of infill wells may be very different from the original 
wells if the infill wells reduce the drainage areas of all wells. 

Single-well comparisons require extreme care, but can be used by imposing 
the historical performance decline of one well on a new well. Multiwell or 
"family" curves combine the performance of several wells by overlaying the 
decline curve of each well and defining a composite curve through the set. The 
steps to this are: 

1. Select the comparable wells or leases. 
2. Plot the decline curves for each well or lease with initial production points 

set at (a) a common zero point of the wells that went on production at 
near the same time ar (b) at date of first production. Some judgment is 
needed here. 

3. Define a composite decline curve through the curve set. 
4. Use the family curve to project the new well or lease. 
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Slider [29], Fetkovich [30,31] and others [32] have developed methods of 
decline curve (rate-time) analysis that are described as “type-curve” analysis. The 
methods are based on the idea that wells or groups of wells with similar reservoir 
characteristics will describe similar decline curves over time when compared on 
a dimensionless time-rate basis. The method requires production history suffi- 
cient to demonstrate some depletion but can then be used to determine (a) the 
form of the decline (including the hyperbolic constant), and (b) certain reservoir 
properties (assuming other data are available). Typecurve matching requires an 
overlay of actual rate-time data on a set of dimensionless time-rate curves. The 
dimensionless decline trend that best fits the actual rate-time curve can then 
be transferred directly to the actual curve to define the future decline trend. 
The method can employ a number of forms of dimensionless curves. 

The match points can then be used to calculate certain reservoir properties, 
such as kh, using the dimensionless equations: 

(7-50) 

Type-curve matching is similar-well analysis on a highly technical level. The 
method has a potential advantage in allowing an evaluator to define a decline 
form and quantify the hyperbolic constant earlier in the life of a property than 
would be the case using “eyeball” methods. 

For primary reserves estimation, the production performance method is the 
most reliable method assuming the data are available and are properly analyzed. 
The characteristics of the various methods allow them to be used in progression 
from volumetric to performance with increasing accuracy and reliability. In prac- 
tice, the methods can be shown to be complementary Over time so that one 
method may be used as a check on another method, all other things being equal. 

Gas Reservoirs. Estimation of future recovery from natural gas reservoirs uses 
the same rate-time and rate-cumulative relations as discussed for oil reservoirs, 
however, the fluid characteristics of gas gives greater effect to pressure. A useful 
relation for estimating gas reserves is the P/Z-cumulative relation (Figure 7-7) 
which plots reservoir pressure divided by the compressibility factor, Z, at time t 
against cumulative gas Ng. Extrapolation to the economic limit yields an estimate 
of ultimate recovery. 

A Note on Production Data. Use of the production performance methods of 
evaluation, either alone or in combination with other methods, requires the 
collection and analysis of historical production data to formulate a trend that 
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Figure 7-7. Nonassociated gas-Pressure/curnulative decline. 

can be extrapolated into the future in the form of a production schedule. There 
are numerous sources of data, including, but not limited to, company production 
records, sales records, well tests, reports to regulatory agencies and public data 
gathering and reporting firms. All data, regardless of the source, must be care- 
fully reviewed for accuracy and to define any variations that may have occurred. 

The most common variations in performance are those caused by (a) short 
producing periods, (b) mechanical changes, (c) regulatory restrictions, (d) capac- 
ity restrictions. 

Duration of producing period: 

short months (February) 
wells produced less than full month 

Review and check production data for: 

Mechanical changes: 

production reductions due to well downtime for repairs, etc. 
increase production due to change in flow valves; pump size, stroke length, 
or speed; workovers 
decline in production due to increasing fluid levels, etc. 

Regulatory restrictions: 

proration 
limits on gas disposal 
limits on water disposal 
air emission requirements 

Capacity restrictions: 

limited pipeline or other shipping facilities 
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PRODUCTION STIMULATION 

A subset of the estimation of primary oil (and gas) reserves is the evaluation 
of properties that are subject to production stimulation techniques. These are 
methods such as cyclic steaming, fracturing, and acidizing, among others, that 
alter the reservoir and, possibly, operating conditions of a property but continue 
to rely on the natural reservoir energy to cause production to occur. These 
methods add no new energy and are therefore not secondary or enhanced 
recovery methods and, except in some arguable cases, do not add reserves; they 
simply act to speed the recovery of oil and/or gas that would be ultimately 
recovered at some time in the future. On the other hand, the stimulation of 
eventual production sooner rather than later can have important economic 
benefits and may result in additional reserves being credited to the property 
where economic conditions alone would suggest that the property should be shut- 
in or abandoned. 

Cyclic steaming [33-361 is a common method in oil fields where the oil is high 
viscosity or has a physical composition that causes production to occur at low 
rates. Steam is injected into a producing well for periods of up to several days. 
The well is then returned to production afta a period of time. The s t e a m  is used 
to transfer heat to the reservoir where the heat serves two primary purposes in 
varying degrees. Heat reduces the viscosity of the oil. It also ‘cleans up” the 
wellbore by steam cleaning the perforations and/or liner slots and the sand face 
of accumulated tar and sand thereby improving permeability near the wellbore. 

The combination of effects may cause production to increase as much as 10 
to 20 times the presteam rate. Wells that have been steamed generally increase 
to a peak immediately following the steaming and then decline in a definable 
manner over time. The production cycle may last from a few months to as much 
as 2 years. Wells can be steamed repeatedly, but the stimulation effect will 
noticeably diminish with repeated cycles as reservoir energy in the near wellbore 
region depletes. Eventually, the production declines to a point where the cost 
of steaming is equal to the incremental return and cycling steaming is stopped. 

Fracturing [37-401 The use of hydraulic energy to create fractures in the 
reservoir-and acidizing-the use of acid to improve near wellbore permeability- 
are production stimulation methods that alter the reservoir characteristics, 
permanently or temporarily, in such a way as to cause production to increase 
over a period of time. As with cyclic steaming, the methods generally increase 
the rate of production and, thereby, have an economic benefit but do not usually 
add reserves. 

Estimation of reserves and future production from stimulated wells generally 
requires an overlay of production performance and volumetric methods. Some 
experience with performance using a stimulation method is necessary before a 
reliable projection method can be defined. Estimation of recovery from cyclic 
steaming must be based solely on experience and analysis of actual performance 
of the same or similar properties. The construction of “family” curves of wells, 
grouped according to the number of cycles common to the wells, can be used 
to estimate the change in qp to q, with each cycle and the point on the decline 
curve where the stimulated production will begin. Several authors have published 
methods of estimating production performance from fractured and acidized wells 
and these may be used as part of an estimation of reserves. 

Secondary Recovery and EOR Methods. There are many differing definitions 
of secondary recovery and enhanced oil recovery (EOR). As used in this 
discussion, EOR will include recovery methods that might also be described as 



1006 Petroleum Economics 

secondary or tertiary depending on the timing of the project and the circum- 
stances of the reservoir. The essential difference between these methods and 
primary recovery is that EOR methods result in additional production by adding 
energy to the reservoir, while primary recovery uses only the natural energy of 
the reservoir. The purpose of EOR is to increase the reserves and production 
from reservoirs that can be, or have been, produced by primary means. 

EOR methods can be put in three general groups: 

1. Gas injection-the use of natural gas or other gas as an injection fluid 
2. Water injection-use of unheated water as an injection fluid 
3. Thermal methods including 

steam injection 
in situ combustion 

These basic methods have many variants depending on reservoir conditions 
and the use of additives in the injection fluids. Indeed, each project design can 
be considered a unique method if the design is based on specific reservoir 
characteristics. Only the basic methods are discussed. 

In virtually all EOR methods, a fluid is injected into the reservoir at one point 
with the intention of sweeping or flushing oil from that point to other points 
in the reservoir where the oil can be produced. For analysis purposes, this is 
most often pictured as a piston-type mechanism where the injected fluid occupies 
an increasingly larger part of the reservoir pushing a “bank” of oil ahead of it 
to producing wells. 

The success or failure of an EOR project generally depends on: 

1. The mobility ratio (M), where: 

Mobility of displacing fluid h, M =  = -  
Mobility of displaced fluid h, 

and where 

permeability 
viscosity 

A = K / p =  

(7-52) 

(7-53) 

If M = 1, the fluid mobilities are identical 

Favorable <M = 1, Unfavorable 

2. Areal and vertical sweep efficiency-The relative proportion (96) of reservoir 
area and net thickness that is swept by the displacing fluid. This is largely 
a function of geology although mobility also plays a part. 

Regardless of the EOR method used, the project must be designed to consider 
and account for both mobility and sweep efficiency. Most of the variations in 
the basic methods result from attempts to alter and improve mobility or sweep 
efficiency or both. 

Gas hjectlon. The injection of natural gas either as a pressure maintenance 
or EOR method is by far the oldest form of injection method for increasing oil 
recovery. Prior to the time when natural gas became a major fuel source and 
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could be transported, most produced gas was either burned off or injected into 
the same or another reservoir. Gas injection is virtually unknown in the United 
States today. 

Gas can be a very efficient injection medium but is generally limited (by 
mobility ratio) to light oil reservoirs with thin sand sections. The method is most 
efficient when injection can occur in the top of a structure or into an existing 
gas cap where it then performs as a piston moving downward, pushing oil down 
or out to producing wells. 

Water hlection. Water injection or waterflooding has been around for a long 
time. Waterflooding may be done by reinjecting produced water from the reser- 
voir; injecting water from other reservoirs; or by mixing produced waters from 
various sources. Freshwater and seawater have also been used. In addition, there 
are many varieties of materials such as soap, carbon dioxide and other more 
exotic material that may be added to the water to improve mobility and/or sweep 
efficiency. Some of these agents act to reduce the viscosity of the oil or to 
increase the viscosity of the water while others act to improve the relative 
permeability to water which often results in stripping more oil off of such 
surfaces. Various mechanical methods are also used to improve sweep efficiency. 

The basis for most waterflooding recovery methodologies is the Buckley- 
Leverett [41-431 or frontal advance method. The Buckley-Leverett method assumes 
a linear oil-bearing zone in a depleted state. The method requires a knowledge 
of the change in reservoir properties of ko, kw, po and pw with change in water 
saturation Sw. Assuming immiscible, steady-state conditions the flow through a 
linear block of reservoir can be modeled where 

(7-54) 

where fD is the fraction of displacing fluid flowing at a given point in the system 
and q, is the total flowrate per cross-sectional area. If the capillary pressure 
gradient aPc/au is small and the zone is essentially flat, so that the gravitational 
function can be dropped, the equation can be simplified to 

1 

1+ -2 

f, = 

(2 Lo) (7-55) 

The distance (u) that a plane of constant Sw has advanced at time (t), can be 
calculated as 

(7-56) 

where Q, is the injection rate which is assumed constant. The slope af,/aS, is 
obtained by plotting fD for various values of S,. The time to water breakthrough 
is then 



1008 Petroleum Economics 

t, = ALNS,  - s, 1 
Q c  

where S, is the mean water saturation in the system. S, is obtained by projecting 
a line from S, tangent to the XJaS, curve to fD = 1. If water is the displacing 
fluid and S, is the irreducible saturation, then oil production (e) until break- 
through is equal to water injected (q,). 

If water is mobile, then q, = 9, + qw = q, and the water/oil ratio is 

and 

at time t U - f w ) Q c  = Q t  

Bo + (WOR)B, 90 = 
BO 

(7-57) 

(7-58) 

After breakthrough, oil production is determined by obtaining values of S, 
at various values off, up to an abandonment fw; calculating t for each value of 
S d  determining WOR at each f,; and calculating 9, for each value of WOR. 

The Stiles [44] method takes a frontal advance approach but assumes the zone 
is composed of layers of constant thickness but each layer may have a different 
permeability. Stiles requires a constant % and predetermined So after flooding. 
The method extends the frontal advance approach to determine ultimate 
recoverable oil and then uses f, to determine the recovered fraction as a function 
of time. The method allows a direct derivation of x, cumulative oil and WOR. 

Suder and Calhoun presented another frontal advance method that allows 
calculation of injection rates and assumes radial flow up to a point. The method 
requires a predetermined value for Sor. 

Dykstra and Parsons [45] also presented a method based on permeability 
stratification and Johnson [46] converted the method to a graphical approach. 
The method allows a consideraton of permeability variation. The Johnson 
graphical approach is particularly useful for quick estimates before engaging in 
one of the more detailed calculations. The set of four graphs is defined at 
producing WOR of 1, 5, 25 and 100 and result in values of recovery factor R, 
for each WOR. Assuming recoverable oil and injection rate can be estimated, 
the method allows calculation of production rates and cumulative recovery over 
time. The method works well as a first approximation and is simple enough to 
use that several analyses can be done for varying conditions. 

There have been many variations of these methods proposed and used. In 
addition, the inclusion of variations in reservoir fluid or rock conditions is only 
a matter of how much work the evaluator is willing to do. These basic methods 
underlie most if not all computer models used to simulate waterflooding. 

Heat Injection Methods. The primary purpose of heat injection using steam 
or hot water is to transfer heat from the injected fluid to the crude oil and 
reservoir rocks to reduce oil viscosity. Reduction of viscosity in the oil-at least 
at the water-oil contact-results in an improved mobility ratio, thereby allowing 
high viscosity oils to be recovered. 

Steam is particularly useful for this purpose because steam can carry a much 
greater quantity of heat per unit volume than can hot water or heated gasses. 
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Although some attempts to use superheated steam have occurred, in practice 
steam at about 80% quality (80% vapor/20% liquid) is most commonly used. 
Heat injection is a costly process due to the requirement to burn fuel to generate 
steam or hot water. The major limitation on heat injection methods is heat loss 
in surface facilities, distribution lines, wellbores, and in the reservoir, to over 
and underlying rocks and to water in the reservoir. Because of the heat losses 
in the wellbore, steam injection is normally limited to 3,000 ft or less in depth. 
Reservoir heat losses cause the injected fluid to continually cool as the steam 
front advances from the injection sand face. Continual steam injection is required 
to attempt to maintain a heated oil-water interface at the flow front. Many 
authors have described and quantified the heat losses in surface, wellbore and 
reservoir rocks and reference should be made to those sources. 

Marx and Langenheim [47] have presented a series of equations designed to 
determine the radial distance at which the heat loss ratio in the reservoir equals 
the heat injection rate. 

The inclusion of cost factors ($h and $0) allows the calculation to be thought 
of as an economic limit as well as a physical limit. The calculation assumes 
no breakthrough but otherwise could be used to define well spacing for a 
continuing flood. 

[$o:(?2' 11 [e'erfc XI, = (5 .618~10")  

where 

dimensionless time 2 k, tun x=- 
M h L '  

and 

The cumulative heated area (fts) can be calculated at time (t): 

(7-59) 

(7-60) 

(7-61) 

(7-62) 

where Ho = constant injection rate in Btu/hr 
Several approaches have been presented for estimating steam drive perfor- 

mance. In essence, steamflooding is analogous to cold waterflooding and the 
same principles apply with additional recovery due to: 

1. thermal expansion of the oil 
2. viscosity reduction, which improves mobility 
3. steam distillation of some light oil components 

Thermal expansion and viscosity reduction can be determined in laboratory 
analysis and the effects can be built into the calculation. Estimation of results 
from distillation are more difficult to assess and include. 
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Willman et al. [48] has proposed methods of determining steam drive per- 
formance that envisions a series of displacements occurring. A cold water-oil 
displacement front; a hot water and condensate oil front; and a steamcondensate 
and hot water displacement which is partially miscible. 

The radial position of the steam front is calculated as 

to 
The steam injection rate must increase as the flood front expands in order 
maintain temperature. The required steam rate is 

‘ XR‘T(Tsr - TF) [ h(pC,), + 4 k E ]  1 s t  = 14.6 H @t (7-64) 

In general, however, the BucMey-Leverett approach used for waterflood can 
be modified for steamflood. For a radial system, 

where iw = effective injection rate in bbl/day of steam, and 

1 fw= 
l+- koPw 

kWP0 

(7-65) 

(7-66) 

Both iw and f, (as a function of Sw) are functions of temperature; therefore, 
the above equation is modified to 

(7-67) 

which is amenable to graphical solution as outlined above for waterflood, 
assuming isothermal steps. 

Given the complexity of these calculations and the many variations presented 
by authors, the evaluator is well advised to make maximum use of data from 
heat injection projects in similar fields to determine reservoir and production 
performance over time. Data on many EOR projects have been published in 
the 1970s and 1980s as the result of DOE projects and a high level of interest 
in industry. 

In 1980, Gomaa [49] presented a method of estimating steamflood perfor- 
mance based on correlations of reservoir characteristics with steamflood injection 
rates, pattern sizes and shapes, and other factors from existing projects and 
laboratory studies. The method uses a series of graphical correlations to provide 
an estimate of reserves and recovery rate. The method is useful in quick evalua- 
tions of steamflood project potential. 
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Heat injection methods of EOR have numerous advantages and disadvantages. 

Advantages: 

increase recovery from high viscosity oil reservoirs 
increase production rates from high viscosity reservoirs 

Disadvantages: 

requires extensive reservoir, rock, and fluid analysis 
high capital investment of steam generators, new injection wells, and surface 

high operating costs for steam or hot water generation, hot fluid and 

subject to environmental and other regulatory constraints 

systems 

feedwater treating, and personnel 

DETERMINING VALUE OF FUTURE PRODUCTION 

The earlier discussion of the various definitions of reserves included the 
reference to economics. Reserves are, by definition, not simply a physical volume 
but an economically recoverable volume. No property evaluation for any purpose 
is complete without a determination of the economic value of future production. 

THE MARKET FOR PETROLEUM 

Petroleum-oil, gas and derivatives-are the primary sources of energy in the 
world today. There are other major fuel sources, such as coal and nuclear power, 
but petroleum remains the major source in the United States, Europe and Japan. 
These markets together account for about 45% of world energy usage and 
petroleum provides over 60% of energy in these areas. Petroleum is likely to 
retain this position because there are very large volumes of oil and gas already 
discovered and available at relatively low prices. The combined reserves of the 
Persian Gulf states alone are sufficient to supply current world demand for 
50-100 years. Moreover, these reserves can be produced at low cost when 
compared to production in the United States and other parts of the world. 
Persian Gulf reserves are large enough and production sufficiently controlled, 
even though somewhat erratically, by the Gulf countries, that the increase in 
usage of higher-cost energy sources such as nuclear or environmentally accept- 
able coal would be very difficult unless heavily subsidized. 

In the United States and other areas where similar industry conditions exist, 
petroleum economics will be controlled, indirectly and directly, for the foresee- 
able future by the baseline oil price either set by or derived by major producing 
courtries. Under market conditions, oil priced in the United States cannot rise 
much above the world market level but can readily fall below that level. Produc- 
tion in the United States is generally in decline so that the United States, along 
with Europe and Japan, is a net importer of over 50% of crude oil demand, 
thereby tying the United States market more closely to world markets. In addi- 
tion, United States production is very high cost relative to the Persian Gulf or 
anywhere else so that the difference between price (revenue) and cost of produc- 
tion can be, and often is, very narrow. As shown by the events of 1985-1986, a 
decrease in oil price is often enough to render a large volume of U.S. production 
uneconomic, causing wells to be shut in and abandoned; resulting in the can- 
cellation or deferment of new drilling, exploration and other capital investment 
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projects; and bringing about the financial collapse of oil companies, service 
companies, and whole regions that depend on the oil industry. 

The primary impact of the market for petroleum is, of course, on price. 
Throughout history, prices for oil and natural gas have varied with demand and 
supply. In the United States, there have been periods of high production relative 
to demand causing prices to drop; as well as periods of high demand relative 
to production that resulted in price increases. For a long period, however, from 
the early 1930s until 1971, oil production was controlled by proration that 
limited production, particularly in Texas but also in other areas, to a certain 
“allowable” each month that was expected to fulfill, but not exceed, demand. 
The allowable production w a s  set as a percentage of productive capacity. This 
regulation resulted in stable and relatively low oil prices for most of that period. 
The increase in allowables over time to 100% in the early 1970s was one of the 
major reasons that control of the world market passed from the United States 
to OPEC and from industry to governments in the mid-1970s. 

The U.S. economy is, among other things, energy intensive. In this situation, 
changes in oil and gas prices take on national significance and can have 
immediate and serious impacts on the economy of regions and the country as 
a whole. The demonstration of this is in the relation between oil price and 
inflation. Since 1928, the first year that reliable inflation data in the form of 
the Consumer Price Index was kept, changes in oil price can be shown to be 
closely followed by changes in CPI or, more broadly, inflation. Major price 
increases such as 1971-1973 and 1979-1980 resulted in serious increases in 
inflation in those and following years. For most of the period from 1928 to 1994, 
however, oil production exceeded demand. Price was regulated through prora- 
tion and in many years oil price declined. Inflation, however, being caused by 
many factors, continued even though at low rates so that, while the nominal or 
actual oil price may have increased slightly or remained essentially constant, the 
“real” price-the nominal price minus inf lation-actually declined for many years 
and has, in fact, declined significantly since 1982 (Figures 7-8 and 7-9). 
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Figure 7-8. Oil price history vs. inflation. 
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Figure 7-9. Annual change in real oil price. 

Economics and the Petroleum Engineer [50,51] 

The function of the petroleum engineer is to determine how to produce the 
most oil and/or gas from a property in the most efficient manner and at the 
least cost to optimize the economic return from that production. Producing 
the most oil from a property in the most efficient manner explicitly includes 
production and reservoir management so as to optimize both production rate 
and ultimate recovery from the reservoir. The petroleum engineer has little or 
no control over oil price. Therefore, he or she must attempt to minimize 
production costs and investment over the life of the property so that, whatever 
the price, the economic return is optimized. This means that virtually every 
decision made regarding the development and maintenance of production must 
consider the economic costs and benefits of the decision. This is true regardless 
of whether the project is drilling a new well, changing a pumping unit, consider- 
ing a stimulation method, installing an EOR project or buying a property. The 
benefits may be increased production rate, increased reserves, or a reduction 
in costs, or some combination; while the costs may include new capital invest- 
ment or increased operating costs. 

The relation between benefits and costs can be measured in various ways. 
Among these are the undiscounted net profit, the net present value, the (internal) 
rate of return and various other methods as will be discussed later. Each of these 
approaches provides a somewhat different perspective on project evaluation and 
allows the engineer or other decision maker to not only evaluate a particular 
project, but allows comparisons when selecting projects for completion. As an 
example, if a new well is proposed that would result in a net profit of $1 million 
and a ROR of 1996, this project must be compared to other projects and to 
company criteria for net profit and ROR. If the company requires a minimum 
ROR of 1596, the project might be accepted. If, on the other hand, the net profit 
was $1 million but ROR was only 996, the project ROR would not only fail to 
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meet company guidelines, but might be less than could be obtained on invest- 
ments where there is no risk. 

Reserves are a function of economic conditions-both by definition and in 
practice. Any determination of reserves must be bounded by a reasonable set 
of economic conditions. The vehicle for this analysis is the cash flow. 

Preparation of a Cash Flow [52] 

A cash flow consists of five basic elements: (1) production schedule, (2) prod- 
uct prices, (3) ownership interests, (4) costs of production and (5 )  capital invest- 
ments. The cash flow can be expanded in any of these segments and through 
the addition of income tax considerations. The cash flow is designed to model the 
production, price and cost expectations of the evaluator to an economic limit. 

A production schedule must be estimated for oil and gas production plus any 
associated production such as NGL or condensate. Previous discussion has 
described the methods of estimating future reserves and production. Extrapola- 
tion of existing or similar property production decline is the most direct method 
of estimating future production when either oil or nonassociated gas is the 
primary production stream. Associated gas may be projected as a function of 
oil production using a fixed or variable gas-oil ratio (GOR). Nonassociated gas 
may have associated condensate production that can be projected as a fixed or 
variable yield. 

Where decline curve extrapdation is used, the form of the decline, whether 
exponential, hyperbolic or harmonic, must be defined and applied. It is always 
a good idea to compare the reserves obtained from production decline with 
reserves obtained from other methods such as ratexum or WOR-cum curves or 
to volumetric and/or material balance calculations. When decline curve extrapo- 
lation may not be appropriate, such as when projecting future production from 
a new field or reservoir or for an EOR project, production estimates can be 
obtained by converting the volume results of the material balance, frontal 
advance, or other method into annual or monthly production. This may require 
determining a limiting condition that can be identified, such as lifting capacity 
or injection rates and back-calculating a production rate. However it is done, 
be sure to compare the production schedule with other similar projects or fields 
and with good reservoir and operating practice. Also, the selection of a schedule 
may have economic impacts, such as the requirement for investment, increased 
operating costs, or in some circumstances royalties and/or taxes that may cause 
an alteration of the selected production schedule. Finally, as noted earlier, the 
proper analysis of the source and form of the production data is very important 
to a valid cash flow analysis. 

Product prices are the market price of oil, gas, condensate, or NGL. A cash 
flow is usually done as of a point in time so the prices would be those in effect 
at that date. Two basic sources for product prices are actual sales and posted 
prices. The actual price for oil and/or gas being received on the property to 
be evaluated is the best source of a price for a cash flow. In using actual prices, 
determine if there are any shipping, pipeline, dehydration or other deductions 
that would reduce the price actually received for the oil or gas produced. These 
charges must be accounted for in the cash flow. Also, gas sales prices are often 
based on the heating or Btu value of the gas not on the Mcf or volume of gas. 
Since gas production is normally expressed in Mcf, a correction must be made 
if the gas price is in $/Btu. Posted prices (Figure 7-10) are the prices offered in 
the market by large purchasers of crude oil, such as major refiners. These posted 
prices are readily available for oil from various fields or for regions of the 
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Crude Oil Price Bulletin 90-50 
(Supemedes Crude Oil Price Bulletin 90-49) 

Amoco Production Company 
200 East Randolph Drive 
P.O. Box 87689 
Chicago, Illinois 60680-0689 

September 27,1990 

This bulletin shows prices and gravity adjustments posted by Amoco Production Company (Amoco) for 
purchases of crude oil and condensate. Prices are based on the use of 100% tank tables or mutually 
acceptable automatic measuring equipment with customary adjustment of volume and gravity for tem- 
perature and full deduction for basic sediment and water. 

Subject to change without notice, Amoco will pay the prices shown for merchantable crude oil and con- 
densate delivered for its account into the facilities of its authorized receiving agency. Merchantable crude 
and condensate is defined as virgin crude and/or condensate produced from wells which is free of inject- 
ed or outside foreign contamination, added chemicals containing but not limited to halogenated organic 
compounds and oxygenated compounds and which is fit for normal refinery processing. Seller warrants 
that the crude oil and condensate delivered to Amoco shall be of merchantable quality as defined above 
and fit for normal refinery use. Prices are shown for 40 grav.Ry and above, except as noted. 

All prices may be subject to deductions for trucking and other charges where applicable. In the event 
government regulations require adjustment to Amoco's prices or effective dates, Amoco reserves the 
right to amend these prices and recover any excess payments by withholding payments from future 
settlements or by separate invoicing. 

Effective SeDtember 27.1990 

Areas 
Colorado 

Kansas 
Louisiana 

Nebraska 
North Dakota 

Oklahoma 

Texas 

Utah 

Wyoming 

Western 
Eastem 
Sweet 
Southern Louisiana Light 
Hackberry, Charenton, Edgeliy (30' Lowest Price) 
Southem Louisiana Sour-Eugene Island 
West Panhandle Sweet 
Incl. Sheridan, Roosevelt, Richland Counties, Montana 
Ftyburg-Medora (Flat Phce) 
Sweet 
Sour 
East-Asphaltic (32" Top Price) 

-East Texas Field (Flat Price) 
-Quitman Light 

Gulf Coast-Sweet (Flat Phce) 

North 
West Central-Including King & Knox Counties 
West Texas & New Mexicc-Intermediate 

-Sour (34" Top Price) 
Black Wax 
Yellow Wax 
Southwestem Sweet (Catbon, Lincoln, Sublette, 

Sweetwater, Uinta Counties) 
Sweet (Other) 
Sour (including Montana fields) 
Sweet (Salt Creek Field) 

-Fairbanks Area, Gillock, High Island 

Price: 
$/Barrel 
39.00' 
38.00* 
37.75' 
38.75* 
38.10* 
37.25f 
37.75= 
37.65* 
36.75" 
38.25* 
37.50' 
36.00* 
38.25' 
36.25' 
38.25* 
38.25' 
38.25* 
38.25" 
38.25* 
36.25* 
38.75* 
38.04 

For Gravity 
Adjustment 
See Column 

5 
7 
3 
3 
3 
3 
1 
1 

None 
8 
5 
4 

None 
5 

None 
1 
1 
1 
1 
6 
5 
5 

38.75' 5 
38.00' 1 
37.00' 2 
38.50' 1 

'indicates change 
A recorded message containing information on Amoco Production Company's latest Crude Oil Price Bulletin is 
available by calling (31 2) 856-31 14 

Figure 7-10. Example of posted prices. 
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country or state. The posted price changes as economic conditions change. The 
posted price is listed as $/bbl for a certain gravity of oil, with a correction factor 
for gravity differentials. 

The appropriate price for the oil in the property being evaluated can be 
estimated by obtaining one or more posted prices for oil of a similar gravity in 
or near the same field and making necessary adjustments for gravity. Gas prices 
can be estimated from standard prices offered by pipelines in the area. Gas sales 
are not always as straightforward as oil sales. During periods of high demand, 
the purchaser may be willing to take all the gas that can be produced and will 
build the connection lines to the property. At other times, however, the pur- 
chaser may limit sales to a percent of capacity and may not be willing to provide 
connection. These conditions could not only reduce revenue from sales but could 
require additional investment and may have the effect of reducing production 
of other products if the gas is associated gas. Whatever the conditions, they 
must be considered in the production schedule and cash flow. 

Condensate is generally treated and priced as crude oil. NGL is generally 
treated as a by-product of gas sales where “wet” gas containing NGL is sold to 
a “gas plant” that strips out the liquids and sells the “dry” gas and liquids. The 
producer may receive revenue from the dry gas sales and a share of NGL sales 
or he or she may receive a wet gas price. 

The projection of product prices into the future depends on the perspective of 
the evaluator regarding future economic conditions and, to some extent, the 
purpose of the cash flow. The simplest approach is to determine the appropriate 
price(s) as of the date of evaluation and hold those prices constant for the life 
of production. This was virtually the only way projections were done prior to 
the price increases of the 1970s and is still relatively common. Constant pricing 
is required for SEC evaluations. Since the 1970s it has become more common 
to attempt to estimate whether oil and/or gas prices would change over the 
expected life of production and to build those anticipated changes into the cash 
flow by escalating or deescalating oil prices at certain rates over time. 

The question of whether or not to escalate prices in a cash flow depends on 
the information available to the evaluator and how well the evaluator can 
translate information into expectation. Major companies often have economics 
departments whose purpose is to estimate future oil prices that are often 
implemented in cash flows. Smaller companies and others are generally without 
such resources and must rely on other, published and unpublished sources and 
their own intuition. Since the early 1970s, oil and, to a lesser extent, gas have 
been open market commodities subject to a wide range of forces causing prices 
to rise and fall. Most price projections that extend for more than a year or two 
will probably be wrong except that over time, because oil and gas are finite 
resources, the price must eventually increase. As will be discussed below, the 
use of several cash flows with differing price projections may serve to reduce 
“price risk.” 

The prices used in cash flow projections are normally “nominal” prices that 
include expected inflation. In making projections of oil prices, it is important 
to keep in mind that the rate of increase of oil prices, the escalation rate, has 
rarely exceeded the rate of inflation for more than 2-3 years (Figure 7-8) and 
that, after that time, the escalation rate may be equal to or less than the rate 
of inflation. On average the “real” price of oil (real = nominal minus inflation) 
has increased by an average of 1.1% over the 60 years from the late 1920s to 
the late 1980s, including the major increases of the 1970s (Figure 7-9). Most 
oil field operating costs are directly influenced by inflation so that price escalation 
should not exceed cost escalation for any extended period of time. 
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Ownership interests are the percentages of the production revenue and cash 
flow from a property owned by various parties. Ownership can be broadly 
divided into two classes: working and royalty interests. The basic difference is 
that the working interest pays all the operating costs and makes the investments 
and then receives a share of the revenue. The royalty interest receives a percentage 
of the revenue but pays no costs and makes no investment. The share of revenue 
received by the working interest is called the net revenue interest. If the WI is 
100% or 8/8 and the royalty is 12.5% or oneeighth. 

Net revenue interest (NRI) = working interest - royalty interest 
= 100.0% - 12.5% = 87.5% 

There are several types of royalty interest including landowner, overriding, 
and sliding scale. The latter are most common on federal or state government 
leases but may occur on private leases and are very common in foreign countries. 
The royalty interest is paid directly out of sales, often by the production 
purchaser, so that the WI pays all operating costs, etc., out of the NRI. If there 
is more than one working interest owner, the WI and NRI will generally be 
divided proportionately. Whatever the type of royalty, the effect on the cash 
flow is the same. 

In some cases, the ownership interest may change during the expected life 
of production. These “reversionary” interests may occur when a certain cumula- 
tive volume of production is obtained but more commonly occur when a 
predetermined amount of net cash flow has been obtained by the WI. The 
situation often occurs in new drilling projects when a WI owner, generally an 
investor, receives a certain WI until his or her investment is recovered or “paid 
out” at which time the WI reverts to a reduced percentage. At that time the 
other WI owner(s) share would increase. For example, assume the operator (A) 
of a property wants to drill a new well and an investor (B) agrees to provide 
the $100,000 needed to drill the well and to accept a 75% WI reverting to 35% 
at payout. Assume a 12.5% royalty (Table 7-1). 

In constructing a cash flow it is very important that the ownership interests 
be determined and accurately applied. The best source is your land department 
and/or the division orders issued by product purchasers in most states. 

The costs of production include all the costs, except royalty and investment, 
required to produce, treat and sell the oil, gas and any other products from 
the property being evaluated. There are a great many different types of costs 

Table 7-1 
Example of Working Interest Reversion 
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and companies may account for them in various ways but they must be included 
in the cash flow. Costs of production can be broadly divided into (1) operating 
or lifting costs and (2) production taxes and charges. 

Operating costs can be further subdivided into (a) fixed, (b) variable, (c) periodic 
and (d) overhead. Fixed costs include those costs that remain generally the same 
regardless of the volume of production, such as lease labor (pumper, treater), 
well pulling, maintenance, engineering, and/or supervisory staff); some fuel and 
power costs; lease maintenance and repair. While these costs may change over 
a long period of time, for cash flow purposes they may be considered fixed 
costs in dollars per month or per year. Variable costs are those that vary with 
the volume of gross (oil plus water) production or with the number of wells. 
Such costs are chemical treating, some fuel and power costs, water disposal and 
some labor costs. Periodic costs are those that do not occur constantly but recur 
with sufficient regularity that they can be scheduled in a cash flow. Such costs 
might be pump changes, hot oiling, dewaxing, acidizing or other stimulation 
or maintenance requirements. Overhead is often an indirect cost that is incurred 
off the lease but is then allocated to the property. Such costs might be district 
or head office supervisory and engineering staff. Other costs might include 
distributed costs of environmental, regulatory or other programs that are applied 
across several properties or that have no property-specific application. 

The best source of operating cost data is the historical cost records for the 
property being evaluated or a similar property. It is important to review at least 
12-24 months of previous costs to properly define the full range of costs and 
the variation of those costs with time and production changes, and to define 
any recurring costs. If certain costs remain essentially the same over time, they 
should be treated as fixed costs in the cash flow. On the other hand, costs that 
can be shown to vary with total fluid or oil production or the number of wells 
or some other criteria should be treated as variable costs in the cash flow. 
Periodic costs can be included in the cash flow as occurring at specific time 
intervals or can be spread over the cash flow as a monthly or annual charge. 

Certain special cases require mention. If produced oil and/or gas is retained 
for use as lease fuel, the volume used for fuel can be included in the cash 
flow by (a) reducing the amount of production, or (b) by deducting the equiva- 
lent value of the fuel volume as an operating cost. The choice of treatment 
depends on such things as whether or not the lease requires payment of 
royalty on production used as lease fuel (most leases do not) or whether fuel 
usage can be deducted for production tax calculation (generally no). Deduction 
of fuel usage from production may distort the cash flow; therefore, it is probably 
best to treat fuel usage as an operating cost at the prevailing price for oil or 
gas used. 

Pmduction tuxes and charges include, but are not limited to (a) severance taxes, 
(b) wellhead taxes, (c) ad valorem taxes, (d) regulatory impositions and (e) certain 
charges based on income such as the windfall profit tax. These taxes not only 
occur individually but, in many areas, one or more of the taxes occur and are 
cumulative. It is important to identify the taxes applicable to the property being 
evaluated and to include them in the cash flow. Most major producing states 
(Texas, Oklahoma, Louisiana) impose a severance tax on oil and gas production, 
which is a percentage of the sales price before any costs, including royalty or 
other taxes, are deducted. The tax may be a different percentage for oil and 
gas. They are normally paid to the state by the purchaser of the oil and gas. 
While some states have relatively high severence tax rates (7-8%), the tax is a 
fixed share of the price and fluctuates with the price. Wellhead taxes, on the 



Determining the Value of Future Production 1019 

other hand, are generally a fixed amount such as $/bbl or Mcf, which, while 
generally small, become a larger percentage of revenue if prices decline. 

Ad valorem taxes are based on the value of the property as determined by 
the taxing authority such as a county tax assessor. The ad valorem tax is relatively 
minor in most states. The exception is California where there is no severance 
tax and the ad valorem tax can equate to as much as 3-5% of gross revenue. 
The difficulty with ad valorem taxes is that the assessed property values do not 
always follow changes in property value caused by changing economic conditions. 
For use in a cash flow, ad valorem taxes can be converted to a percentage of 
gross revenue. ReguZatory taws can consist of either percentage or fixed amount 
per unit taxes that are similar to severance or wellhead taxes but are directed 
toward specific uses, such as funding a state agency or environmental fund. 
These taxes vary greatly from one jurisdiction to another and may only occur 
for fixed time periods. 

Some taxes are based on income but are not income taxes per se. The 
so-called windfall profit taG which did not tax profits, is one example. The WPT 
imposed a percentage tax, which varied depending on differing classes of sellers 
and types of oil production, on the adjusted difference between a so-called base 
price and the actual sales prices. At some points during the time it was effective, 
the WPT attained a large percentage of the price differential. The tax remained 
long after the profits had evaporated. 

Capital investments are not operating costs. While the difference between 
periodically recurring costs and capital investments is not always clear and each 
company may have its own definition, capital investments can be broadly defined 
as relatively major expenditures, which may or may not be predictable, and which 
generally result in an increase in production or a decrease in costs or both as 
a direct result of the investment. Changing a pump might be operating cost while 
changing a pumping unit is an investment. Cyclic steaming might be a periodic 
cost but fracing might be an investment. There is a certain amount of subjectivity 
involved here and company policy should be consulted. In any event, any antici- 
pated capital investment including eventual abandonment should be included in 
the cash flow and evaluated for appropriate return. Investment is deducted after 
all royalties, operating costs, production taxes. 

The components discussed to this point are sufficient to develop a more or 
less detailed cash flow for any property which will allow the property to be 
evaluated for virtually any purpose for which a cash flow is used (Figure 7-11). 
In model form: 

Production x product price = gross revenue 
Net operating income = gross revenue 

- royalty 
- production taxes 
- operating costs 

- investment 
Cash flow = net operating income 

When calculated on a monthly or annual basis to the economic limit of produc- 
tion, the cash flow provides a foundation for determining the value of the 
property and/or the profitability of capital expenditures; or, simply, the future 
flow of cash from the property. The economic limit is the minimum production 
rate which, at a given price, is required to exactly offset all the costs of 
production. 
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Even with the tax reductions of the 1980s, corporate and individual tax rates 
are 33-51% of taxable income that can be substantial depending on the deduc- 
tions available at the time. The tax code is complex, is subject to rapid change, 
and to individual case application so that a comprehensive treatment in a 
handbook is not appropriate. Consult your company policy regarding income 
tax analysis. 

Present Value of Future Income 

A cash flow is a stream of income expected to be received over a period of 
time into the future. For example, if a cash flow consisted of equal amounts of 
$5,000 over 5 years, the total income would be $25,000 (Table 7-2). 

However, from the perspective of the date of valuation, the $5,000 to be 
earned in years 2, 3, 4 and 5 does not have the same value as the $5,000 to 
be earned in the first year. Because of inflation and other financial risks, the 
present valw of future income is reduced or discounted by an amount that varies 
with the evaluator's perceptions of the risks involved in waiting. To equate future 
cash flow to present value, a discount rate or present value factor is applied to 
the cash flow. Present value calculation can be thought of as the reverse of 
compounding interest where, instead of increasing the value of a currently held 
amount over time, the present value factor or discount rate decreases future 
amounts to a present value. For example, if a principal sum P is invested at an 
annual interest rate i for n years, the accumulated interest would increase P to 
a total future amount S as follows: 

S = P(l + i)" (7-69) 

On the other hand, if, for example, S is the amount of income to be received 
in year 10, then the present value of S would be 

S p=- 
(1 + i)" 

where N = 10 

Year Cash Flow. S 

(7-70) 

Table 7-2 
Example of Uniform Cash Flow 

1 $ 5 , 0 0 0  

2 5 , 0 0 0  

3 5 , 0 0 0  

4 5 , 0 0 0  

5 5.004 

$ 2 5 , 0 0 0  
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These equations may be modified to reflect real interest rates by deducting 
an amount equal to anticipated inflation. 

A cash flow is a series of payments received over time. These successive pay- 
ments are discounted to present value by setting each annual amount equal to 
S and setting N at the appropriate amount in years. The selection of an appro- 
priate N and i is very important. Cash flows for oil and gas production are rarely 
constant and generally decline over time. In addition, cash flows are often calcu- 
lated on a monthly basis. The basic equation then must be modified to reflect 
the condition of the evaluation. A mid-year discount is probably more common 
than year-end. In this case, 

P = S  

and 

1 

(1+;)"5 

in year 1 

P = s( (1 + :,.--) in later years 

(7-71) 

(7-72) 

If discounting is done monthly, then 

(7-73) 

where S = monthly cash flow 
N = no. of months from start of cash flow 

This method is most commonly used in computer programs that calculate on a 
monthly basis. There are many convenient tables of present value factors pub- 
lished, and specialized tables are readily generated using the basic formulas. 

The choice of the discount rate (DCR) is one of the most important elections 
made in evaluating a property or project. This is easily illustrated by comparing 
the present value of a cash flow that provides $100,000 every year for 10 years. At 
increasing DCR, the present value declines significantly as shown in Table 7-3. 
If, as in most oil and gas cash flows, the cash flow declines, the effect of the 
DCR is even more pronounced as shown in Table 7-3. 

As noted above, the DCR is a factor to account for the perceived risk associ- 
ated with the deferral of income to some time in the future or, more commonly, 
making an investment with the expectation of future returns. The DCR can be 
thought of as being composed of four elements [53] of various types of risks: 
(1) real return on investment, (2) inflation, (3) liquidity and (4) specific invest- 
ment risk. The first three are financial factors. Any investor requires the return 
of and on his investment which, net of inflation, is a real rate of return. Inflation 
is a risk that must be considered because it has the effect of diminishing the 
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5 

10 

Table 7-3 
Effect of Discount Rate on Uniform and Declining Cash Flow 

772,173 523,961 I 

614,457 432,785 

15  

20 

25 

30 

501,877 365,525 

419,247 314,562 

357,050 275,017 

309,154 243,677 

value of long-term investments. Liquidity is the risk associated with the length 
of time required to obtain the return; for example, long-term certificates of 
deposit generally pay a higher rate of interest than short-term accounts because 
the deposit is unavailable to the depositor for a longer time. Finally, specific 
investment risk is the risk associated with particular industries, businesses and 
projects. Government bonds are generally considered riskless while corporate 
stocks carry substantial risk. Investment in certain industries such as oil and 
gas production has higher than average risk compared to other industries- 
so-called business risk. In addition, investments in oil and gas projects have 
varying, but generally high, risks associated with them. Drilling exploratory wells 
is very high risk, while purchasing a new pumping unit may be relatively low 
risk. All these components must be considered in selecting a DCR for property 
or project valuation. 

There are two basic sources for discount rates: (1) cost of capital, (2) market 
place. The cost of capital [54-561 is the cost to an investor of the funds available 
for the investment, generally consisting of debt and equity. The cost of capital 
includes real return, inflation, liquidity and general business risk. A risk pre- 
mium for specific risk must be added. Reference should be made to the many 
textbooks and articles on this subject. 

The marketplace is an indirect source of DCR through publications by banks 
and other financial institutions regarding DCR used for valuing oil and gas 
properties for lending or other purposes. In no case should the evaluator confuse 
cost of capital or market DCR with the so-called prime rate or other single-issue, low- 
risk interest rate. The cost of capital in the oil and gas industry since the early 
1980s has averaged 12-16% after income tax, or about 20-24% before income 
tax [57,58,66]. At the same time, analysis of oil and gas property acquisitions 
indicates discount rates in the 20-30% range-averaging around 25% for the same 
period. Unless a company or individual consistently invests only 100% debt 
capital, the DCR must consist of a base interest rate plus an equity return 
premium plus a project risk premium. 

However the DCR is chosen, it is applied to the cash flow to determine the 
present value of a future stream of income from a particular property or project. 
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If the DCR is properly chosen, the present value cash flow from that property 
or project is directly comparable with the present value cash flow from another 
property or project. 

VALUATION OF OIL AND GAS PROPERTIES 

Purpose of Valuation [59] 

There are almost as many reasons and methods for determining the economic 
value of an oil and gas property or project as there are people who wish to do 
it. However diverse the reasons, they can generally be placed in two groups; 
investment analysis and regulatory compliance. The latter are special cases for 
SEC filings, ad valorem tax valuation, or other tax requirements such as estate 
taxes. In most cases, valuation is done for investment analysis. This could be 
anything from evaluation of the return from a workover or equipment upgrade 
to drilling a new well to purchasing producing properties. Whatever the purpose, 
the practical aspects are identical. In investment analysis, the evaluator is seeking 
to determine the additional benefit in terms of cash flow, profit and return on 
investment that can be obtained by making the investment. If it will cost $10,000 
to work-over a well to acidize or to open a new zone, will the additional pro- 
duction increase revenues sufficiently to pay back the $10,000 in a reasonable time 
and provide a return beyond simple payback that compensates for the risk incurred 
in making the investment? If payback takes 3 years, there is some risk associated 
with waiting 3 years that must be compensated-otherwise the company could 
as well put its money in CDs and avoid the risk. 

Falr Market Value. Many investments, such as purchasing properties or valua- 
tions done for ad valorem or estate taxes, require a determination of fair market 
value as the goal of valuation. The most common definition of FMV is: 

“The price that would be paid by a knowledgeable and willing buyer and 
which would be accepted by a knowledgeable and willing seller neither 
being under any pressure to conclude a transaction.” 

This definition, in various forms, means that the real value of a property can 
only be established in the marketplace by the free interaction of buyers and 
sellers. The true FMV will only be known after a property has been sold. How- 
ever, it can be (and often must be) estimated through property valuation. FMV 
evaluations require the use of price/cost projections and DCRs that reasonably 
approximate the marketplace for property sales. 

Profltability of Ventures 

Profit is the amount of revenue remaining after payment of royalty, operating 
costs, investments and taxes, including income taxes. A distinction is often made 
between beforeincome tax (BFIT) profit and after-income tax (AFIT) profit for 
analysis purposes. If a firm has a large number of investments to evaluate and 
compare, use of pretax profit analysis may be useful if the investments have 
differing tax characteristics or benefits. However, comparison on only a BFIT 
basis may distort the ultimate profit and return because taxes do have to be paid. 

Investment Analysis. As noted above,. many evaluations are done to determine 
the economic value of an investment. To that end, there are many methods avail- 
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able to determine and compare the value of investments. These can be grouped 
as undiscounted methods and discounted methods. 

Undiscounted methods are based on an undiscounted cash flow that can be 
BFIT or AFIT or both. In 1985, Boyle and Schenck [61] published a study of 
investment evaluation methods used in the oil and gas industry. The study found 
that most companies (a) allocate capital to investments in a systematic manner 
and (b) tend to use certain basic methods of investment analysis. The study also 
defined the methods in most common use by companies. The most common 
of these methods are: 

Payout. The time required to accumulate an amount equal to the investment 
from the incremental cash flow created by the investment is the payout or 
payback. A common rule of thumb is 2-4 years subject to the conditions of the 
cash flow. It is important to measure payout using only the incremental cash flow 
created by the investment, not cash flow that would have been obtained anyway. 

Profitclnvestment. The ratio of AFIT cumulative cash flow derived from an 
investment to the amount of the investment is 

AFIT cash flow 
Investment 

P/I = 

There are several variations on this ratio that include using BFIT cash flow, 
discounted investment, and other combinations. Whichever is chosen, it must 
be used consistently from one cash flow to another. There are a large number 
of special-purpose rules of thumb that have been developed over time, particu- 
larly for property acquisitions. These include, but are not limited to: 

$/BO€. According to this rule, a property has a value of X$ per bbl of recover- 
able reserves. At the time the rule enjoyed general use (1940-196Os), the ratio 
ranged from 25 to 40% of the wellhead price of oil depending on the section 
of the country. 

$/BOPD. Property value was X$ per bopd of production at the time of purchase. 
Values ranged from $5,000-15,000/bopd depending on location, etc. 

Other rules of thumb are variations on the above. In practice, the develop- 
ment and use of such methods, including payout, held some benefit simply 
because they were easy to use and did not necessarily require a cash flow. How- 
ever, as production has changed from declining primary to variable secondary 
and enhanced recovery and as economics have become less predictable, the 
validity of most rules of thumb has diminished considerably. In addition, the 
rapid growth in computers and software allows even the smallest operator to 
do relatively sophisticated evaluations so that reliance on generalizations are no 
longer necessary. 

There are two basic discounted methods of defining project profitability, 
both of which have numerous variations [60]. Either method can be used BFIT 
or AFIT. 

Net Present Value. Cumulative present value cash flow discounted at a specific 
rate. When calculated prior to deduction of investment, the NPV can be com- 
pared to the amount of investment. If NPV exceeds investment, the project 
should be profitable. 
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200,000 

Rate of Return. ROR or internal rate of return is the discount rate that would 
reduce the cash flow to the amount of the investment or to zero if investment 
is included in the cash flow. Many authors have suggested modifications on this 
method and many variations are in use depending on individual or company 
preference. In general, the method requires a trial-and-error approach of 
discounting the cash flow at various DCRs (Table 7-3) until a match with the 
investment is achieved. The method can also be done graphically by calculating 
the PV of the cash flow at various DCRs defining a curve through the points, 
and finding the DCR at the point on the curve where PV cash flow equals the 
planned investment (Figure 7-12). 

Investment Decision Merklng. Every company and individual has a unique 
approach to making investment decisions. As shown by Dougherty [62], many 
companies use two or more methods together. Companies often use a certain 
DCR that may be known as a “hurdle” rate or minimum required return (MRR) 
[63] to discount all cash flows. Assuming some consistency in other cash flow 
parameters, the various projects may then be compared to each other and the 
most favorable projects selected. As an example, a company has six projects in 
which it can invest funds but does not have sufficient funds for all six. The 
company has a cost of capital of 18% BFIT and an MRR of 20% BFIT. The 
company requires all cash flows to be discounted at MRR to determine NPV 
net of investment and also requires that IRR on each project meet or exceed 
MRR. The results are as shown in Table 7-4. 

In this comparison, Project D has the highest NPV but the IRR of 19% is 
less than MRR and only 1% above the cost of funds and, therefore, has little 
margin for risk. Project B has a considerably lower NPV but a high IRR. A 
combination of Projects A, B and C would have a total NPV greater than D 
and also a higher composite IRR. Depending on budget constraints, a ranking 
of A, B, C, E and F would be appropriate. There are circumstances when D 

Rate-of-return 
-- 

1 

h 
1,200,000 

1,000,000 
Estimation of Rate-of-return 
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Table 7-4 
Comparlson of Net Present Value 

and Internal Rate-of-Return 

NPV IRR 

A $300,000 22% 

B $150,000 26% 

C $100,000 24% 

D $500,000 19% 

E $200,000 21% 

F $ 20 ,000  25% 

would be accepted despite its low(er) IRR such as when intangible values come 
into play. In this example, all the projects were assumed to have the same level 
of risk. That may not always be the case and, if not, differing threshold levels 
of IRR may be used to account for the variance in risk. 

Risk Analysis 

Risk is the possibility that events or conditions in the future may not occur 
as expected. When flipping a coin you may expect it to turn up heads, but there 
is a 50% possibility that it will be tails. In drilling a purely exploratory well, 
there is a very high possibility that the well will be dry. In projecting future oil 
prices, there is a very good chance that your projection will be wrong both as 
to direction and timing. Each example contains risk, but the ability to quantify 
that risk ranges from a fixed 50% to a statistical value for wildcat drilling to 
virtually unquantifyable for the price projection. 

Risk has a significant impact on valuation of oil and gas properties [64]. The 
oil business is a relatively high-risk endeavor to begin with, and within any 
property evaluation there are numerous opportunities for risk to impact the 
value. The production projection and reserves determination can be done using 
all available data and the best methods, but the actual production is still subject 
to the vagaries of a natural system-the reservoir rocks and fluids-that cannot 
even be sampled and measured to any major extent, let alone be accurately 
modeled to eliminate the potential for variance from expectations. Reserves are 
classified as proved, PmbabL and possible on the basis of the ability to estimate 
those reserves and likelihood of recovery. Added to that are various potential 
mechanical problems that impose uncertainty on any projection of production. 

There is substantial risk in projecting future prices and operating costs 
because of the inherent uncertainties of trying to determine how economic 
conditions that affect oil and gas prices and operating costs over the often 
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several year period of an oil property evaluation. In July-August, 1990, oil prices 
suddenly increased by over $10 per barrel in the space of 30 days after generally 
declining for over 3 years. The increase was totally unexpected-as was, to a large 
extent, the major price drop in early 1986. 

A property valuation should attempt to recognize and account for risk. There 
are several methods of analyzing risk and applying adjustments. The process has 
steps which can be generalized 

1. Define the risk. 
2. Determine if the risk is measurable. 
3. Define a range of values for the risk. 
4. Select a risk evaluation method(s). 
5.  Apply risk adjustments to the evaluation. 

Define the Rlsk 

Any evaluation of an oil and gas property has a wide range of risks associated 
with it, starting with the geologic risk that recoverable hydrocarbons exist to 
the economic risk posed by price/cost projections and selection of discount rate. 

Geologic risk is very important in assessing drilling prospects but is much 
reduced in production development projects. There have been several treatises 
written on a drilling project risk that allows the risk to approach quantification. 

Geologic risks: 

Does the zone exist? 
Field size? 
Sufficient recoverable hydrocarbons? 

Performance risk: 

reservoir properties (Sw, @, K, p, etc.) 
zone thickness 
areal extent 
drive mechanism (effects Rf) 
decline rate 
depth 
production method needed 
well spacing required 
stimulation needed? 

Economic risks: 

Price projection depends on gravity of oil and composition 
Operating costs projection depends on gravity and composition, depth, 
number of wells, etc. 
Royalty and production taxes. 
Required investment. 
Cost-of-capital. 
Income tax treatment. 

Measurement of Risk 

Each of these risk elements and many others can be measured to some degree 
although the degree of real quantification varies considerably. Geologic risk has 
been addressed by many authors to the point that such factors as field size 
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distributions are quantified based on normal or log-normal analysis. Reservgir 
properties such as Sw and Q can generally be estimated from similar properties and 
fields and can be analyzed statistically as data are available. Areal extent can be 
estimated from mapping depending on the quality of control data. Economic data 
can be well known, such as current price, within very narrow boundaries but future 
trends can be highly variable. Each factor must be reviewed to determine the error 
potential, degree of uncertainty and range of possible but realistic values. 

Define Range of Values 

Most of the risk factors that may occur in an evaluation and that can be 
measured can be quantified on a range of values about the most likely value. 
Porosity may be 20 f 5%, or areal extent might be expressed as drainage radius 
of 20 acres -I; 20%, whereas an overall field size of 100,000 barrels might have 
a 10 f 10% probability of occurring. 

Each risk element must be assessed for the range of possible values that may 
occur or the likelihood that a certain value would occur. Selection of those values 
should be based on objective measurement where possible supplemented by 
analysis of similar field (property) data and tempered by subjective experience. 

Select Risk Evaluation Method 

The method used for evaluation of risk often depends on (a) the relation to the 
risk element to the overall evaluation and (b) the degree to which a probability 
can be assigned to the value or values in the range of values. As an example, such 
factors as porosity, Sw, zone thickness; areal extent; and starting prices and costs 
could have as much probability of being one value as another within the range 
of values, in which case sensitivity analysis or Monte Carlo analysis would provide 
sufficient consideration of the risk factors. On the other hand, where probabilities 
of occurrence can be assigned to such factors as field size or price/cost 
escalations an expected value approach might be more appropriate. 

Of course, each risk element can be evaluated either on its own or in combi- 
nation with other factors. Oil-in-place might be calculated using a range of equally 
likely values for Q, Sw, etc., which would result in a range of values for OOIP that 
could then be tested for field size distribution and assigned a probability. A set of 
production projections could be evaluated using a range of price escalations to 
determine the sensitivity of project value or return to various prices. 

Apply Rlsk Evaluation Methods 

Sensitivity Analysis 
1. Select one risk element and measure the range of equally likely values. 
2. Apply the range of values, with appropriately selected intervals, to the part 

of the evaluation which is sensitive to that element; i.e., how is OOIP 
affected by changing Q from 18% to 30% at 1% intervals. 

3. Combine compatible risk elements to determine if the elements offset or 
enhance each other. 

4. Determine a range of outcomes and analyze statistically to determine the 
most likely outcome and range of probabilities. 

Monte Carlo Analysls 

This method essentially combines the sensitivity analysis approach with a sys- 
tem of randomly selecting the values to be used. The method is most effective 
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in analyzing the interrelation of a large number of variable factors. The outcomes 
can be statistically analyzed for assignment of probabilities. 

Expected Value Theory [65] 

Expected value is similar to sensitivity analysis with the major difference that 
the values used are considered to have a probability of occurrence and to be 
mutually exclusive. As an example, if @ were the element being evaluated, the 
range of values might be: 

Table 7-5 
Probability Assignment 

T e s t %  Proba b i l i t y  

2 0  

18 

22 

17 
24 

16 

40% 

20% 

20% 

15% 
10% 

5% 

Assuming that all the other components of the OOIP calculation are f ied,  
an expected value of OOIP would be determined by calculating OOIP using each 
value of I$ and then multiplying that OOIP by the probability. The sum of the 
adjusted OOIP is the expected value of OOIP. 

In another example, probabilities could be assigned to a range of oil price 
escalation rates than an expected value of a property could be calculated by 
calculating .a value using each escalation rate, multiplying the result by the 
probability and taking the sum as the expected value of the property. 

These methods are relatively easy to apply once the risks (also read vari- 
ables) have been analyzed and defined. They are particularly adaptable to com- 
puter analysis. 
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Table A-1 
Alphabetical List of Units 

(symbols of SI unlts glven In parentheses) 
To Ccnvert From To 

-pem ampere (4 
abfarad fatad (F) 

henry (HI 

abohm ohm (fi) 
abvolt volt (v) 
acrdoot (US. survey)(” mew (m“) 
acre (US. surveyp mew (my 
ampere hour coulomb (C) 
are meter‘ (np) 
angstrom. meter (m) 
astronomical unit -r (m) 
atmosphere (standard) P-1 (Pa) 
atmosphere (technical = 1 kgf/wn2) P-1 (Pa) 
bar pescal (Pa) 
barn meter4 (m 
barrel (tor petroleum, 42 gal) llletep (m“) 
board foot metep (m3 
BrHlsh thermal unit (International 1able)w joule (J) 
M s h  thermal unit (mean) joule (J) 
BrlHsh thermal unit (thermochemical) joule (J) 
British thermal unit (39°F) ioub (J) 
Brltlsh thermal unit (59°F) jwle (J) 
British thermal unit (WF) pule (J) 
Btu (International TabIe)-W(hr-fWF) 

(thermal conductivity) watt per meter kelvin [w/(mK)] 
Btu (thermochemlcel)-W(hr-~°F) 

(thermal conductivity) watt per meter kelvin [w/(mK)] 
Btu (International TabIe)-in./(hr-W’F) 

(thermal conductivity) watt per meter kelvin [W/(mK)] 
Btu (thermochemical)-in./(hr-ftr”f) 

(thermal conductivity) watt per meter kelvin [w/(mK)] 

abcoulomb coulomb (C) 

22-2 siemens (S) 

Multiphr BY” 
1 .O’ E+01 
1 .O’ E+01 
1 .O’ E+@ 
1 .o* € 4 9  
1 .o* E+@ 
1.0’ E-W 
1 .O’ E-08 
1.233489 E+03 
4.046873 E+03 
3.8’ E+03 
1 .O’ E+02 
1 .o* E-10 
1.405979 E + l l  
1.013250’ E+06 
9.806 650’ E+04 
1 .o* E+= 
1 .o* E -28 

2.359737 E-03 
1.055056 E+03 
1.05587 E+03 
1.G5a350 E+03 
1.OS967 E+W 
1.05480 E+03 
1.05488 E+03 

1 . 5 ~ ~ 3  E-01 

1.730735 E+OO 

1.729577 E+W 

1.442279 E-01 

1.441 314 E - 01 

w 
0 
W 
Q) 

C 
E. 
?t v1 



Btu (International Table)-in./(s-W-"F) 

Btu (thermochemical)-in.I(s-W-'F) 
(thermal conductivity) watt per meter kelvin [w/(mK)] 5.192204 E+02 

(thermal conductivity) watt per meter kelvin [W/(mK)] 5.188 732 E+02 
2.930711 E-01 
2.928751 E-01 

Btu (International Table)/hr watt (W) 

1.757 250 E + 01 
Btu (thermochemical)/hr watt (w) 
Btu (thermochemical)/rnin watt (W) 
Btu (thermochemical)/s watt (W) 1.054350 E + W  
Btu (International Table)/fP joule per meter" (J/rnp) 1.135653 E+04 
Btu (thermochemical)mP joule per meter" (Jlrnp) 1.134893 E+04 
Btu (thermochemical)/(ftP-hr) watt per meter" (W/m2) 3.152481 E+OO 
Btu (themochemical)/(W-min) watt per meter" (W/mp) 1.891 489 E+02 
Btu (thermochemical)/(W-s) watt per meterP (W/mp) 1.134893 E+04 
Btu (thermochemical)/(in.%) watt per met& (W/mg) 1.634246 E+06 
Btu (International Table)/(hr-ftP-"F) 

(thermal conductance) watt per meter" kelvin [W/(meK)l 5.678263 E+OO 
Btu (thermochemiil)flhr-W-°F) 

(thermal conductance) watt per meterP kelvln [W/(rneK)] 5.674466 E+OO 
Btu (International Table)/(s-W-°F) watt per rneterP kelvin [W/(m'.K)] 2.044175 E+04 
Btu (thermochemical)/(s-ItP-"F) watt per meter" kelvin [W/(+K)I 2.042808 E+04 
Btu (International Table)Abm joule per kilogram (Jkg) 2.326' E + W  
Btu (thermochemical)/lbrn pule per kilogram (J/kg) 2.324444 E+03 
Btu (International Table)l(lbm-OF) 

(heat cepadty) joule per kibgrarn kelvin [J/(kgK)] 4.1868' E+W 
Btu (therrodremical)/(Ibm-'F) 

(heat =pecny) jwle per kilogram kelvin [J/(kg-K)] 4.184000 E+W 

[llgi, 1883lhe U.S. banis of lan@h meswrstnanl hdalmen derivedhorn metric olnndarda In 1959 a 8mnH d.llrwm*ntwaa mado in lhedefinilion of (hr, ysrd 0 rcwolve 
dirarprncjs bon in lhb awnby nd M. which in a 
mlllbn. At the anmelimn It waa d.dd.d !ha any date In fee4 drrhnrd from and pubbhed as a maul of geodetk aurveya *in Ihe U.S. wwld remaln wi(h the old alanclud 
(1 R - 1 2 ~ ~ g e 3 7 m ) ~ n l n ~ d s d d o n .  l'hlstoot ia Mmsdihe US. suwey loot. Asa nrull. dl US. land meawrenmls in U.S. cwtanuy unL will mlalalolhermierbylhe 
old 8lmdard. AH Um unnmm&n W in these We8 fw unilr, re(ercnead to lhiofoqbw(e am bawd m the U.S. w y  fwt, ralherlhm Ihe interrmii toad. Cwmnion 
hdon farlhe *nd meawe given b&w may kdotennii horn the bllawing 

**!%e lootnolo on P w  13. 

L bnglh horn38W3837 rn 00.6144 m sxsctly. Thbresulled in (hr, newvaluabring lhorta by- 

1 t a ~ ~ ( e J I a c n y )  
1 md = 1 6 1 ~  n ( e m )  

1 chain = een (-1 
1 a d o n  = 1 aq mile 

1 township = 38 sq rnileai 

(P)lhk VlRU, ww rdopred in 1968. Some of lhe okb~ Intefn&~rul TnMa use lhe vlllw 1.055 M E+m. Ths exad mnwrsiOn fador is 1.055 055 852 62' E+03. 

2 x ul 
p1 
P e 

w 
0 
W 
-l 



Table A-1 
(continued) 

Multiply Bv" 
3,523907 E-02 
2.64' E-02 

4.19002 E+W 
4.184' E+W 

4.1888' E+W 

4.10580 E+W 
4.1aiw E+W 
4.186C E+(# 
4.19002 E+(# 
4.184' E+W 
4.184' E+W 
4.1W E+W 
4.184' E+(# 
4.1868' E+03 
4.104' E+(# 
6.973333 E-02 
4.184* E+OO 
6.973333 E+02 
4.184" E+W 
4.104' E + M  
1 .o* E-01 
2.0' E-W 
1.33322 E+(# 
9.80638 E+01 
1 .O' E-03 
1 .o* E-OB 
5.067075 E-10 
2.003712 E-01 
2.385082 E-04 
3 7  E+10 
1 .o' E+W 
8.6rOoOOO E+W 
8.616409 E + M  



1.745329 E-02 
TK = T% + 273.15 

TK = (TT + 4!59.67)/1.8 
T, = T.Jl.8 

r, = (T, - ayi .8 

1.781102 E-01 

1.762250 E-01 
1.111 111 E-07 
1 .o* E-05 
1 .O' E-07 
1 .o* E-01 
1.80219 E-10 
1 .O' E+09 
1 .O' E+01 
1 .ff E-08 
1 .O' E-09 
1 .O' E-09 
1.112650 E-12 
3.3358 E-10 
2.9979 E+@ 
8.987554 E+11 
8.987% E+11 
1 .o* E-07 
? .o' E-03 
1 .o* E-07 
9.64670 E+W 
9.64957 E+W 
9.65219 E+W 
1.8288 E+OO 
1 .o* E-15 
2.957353 E-05 
3.048' E-01 
3.048006 E-01 

8 
P c 
(D 
I 
5. 
2 

CI 
0 w 
(0 



To Convert From 
fod of water (39.2"F) 
sqf! 
Vihr (thermal dirrusiully) 
PIS 
cu f! (volume: section modulue) 
ffhnin 
ffls 

Alhr 
fVmin 
frk 
file 
footcandle 
fodlambert 
blbf 
ft-lbfh 
ft-lbfhnin 
ft-MIS 
ftpoundal 
free fall, standard (9) 
Cmle 
gallon (Canadian liquid) 
gallon (U.K. liquid) 
gallon (U.S. dry) 
gallon (U.S. liquid) 
gal (U.S. 1iquid)lday 
gal (U.S. liquld)/min 
gal (U.S. llquldp'hphr 

gamma (magnetk field strength) 
gamma (magnetic flux density)' 
Qeuss 
gllbert 

fr (moment of Secti0n)rn 

(SFC. spedflc fuel consumption) 

Table A-1 
(continued) 

pascal (Pa) 
meterP (mp) 
mete? per second (mVs) 
meterP per second (m*/s) 
me!& (m") 
meteP per second (m"1s) 
meteP per second (m%) 
meter' (m') 
meter per second (Ws) 
meter per second (Ws) 
meter per second (Ws) 
meter per second (Wsp) 
lux (Ix) 
candela per meterP (cd/fW 

CI 
0 

Multiply By'" 
2.98898 E+03 
9.290304' E-02 
2.580 6 W  E-05 
9.290304' E-02 
2.831 665 E-02 
4.719474 E-04 
2.831 685 E-02 
8.630975 E-03 
8.466667 E-05 
5.080. E-03 
3.048' E-01 
3.048' E-01 
1.076391 E+01 
3.426259 E+OO 
1.355818 E+OO 
3.766161 E-04 
2.259897 E-02 
1.355818 E+OO 
4.214011 E-02 
9.806 650' E+OO 
1 .o' E-02 
4.546090 E-03 
4.546092 E-03 
4.404884 E-03 
3.785412 E-03 
4.381264 E-08 
6.309020 E-05 

1.410089 E-09 
7.957747 E-04 
1 .o* E-09 
1 .O' E-04 
7.957 747 E - 01 

5 a 



gill (U.K.) 
gill (U.S.) 
grad 
grad 
graln ( lro00 Ibm avoirdupds) 
grain (Ibm avoirdupoiSnoOO)/gal 

(U.S. liquid) 

$2 
gram-force/cmp 
hectare 
horsepower (550 blbf/s) 
horsepower (boiler) - (e1-W 
horsepower (metric) 
horsepower (water) 
horsepower (U.K.) 
hour (mean solar) 
hour (sidereel) 
hundredweigM (long) 
hundredweigM (short) 
Inch 
inch of mercury (32°F) 
inch of mercury (WF) 
Inch of water (39.2"F) 
inch of water (WF) 
sq in. 
cu In. (volume; section modulus)(') 
in.Vm1n 
in: (moment of section)'a 
in./s 
in./# 
kayser 
kelvin 

(4 The axact cotwadon fPctor Is 1.638 708 CE-05. 
This clamet[mes is cased the moment of inertla of a plane d o n  

meteP (ma) 
meteP (ma) 
degree (angular) 
radian (rad) 
kilogram (kg) 

kilogram per mete$ (ka/m9) 
kilogram (kg) 
kilogram per meteP (kg/m5) 
pastel (Pa) 
meteP (m*) 
watt (W) 
watt 0 
watt (W) 
watt (W) 
wan (w) 
watt (w) 

(8) 
-nd (8) 
kilogram (kg) 
kilogram (kg) 
meter (m) 
pascal (Pa) 
pascal (Pa) 
pascal (Pa) 
p-1 (Pa) 
meteP (m') 
met& (ma) 
met& per second (m%) 
meter' (m') 
meter per second (m/s) 
meter per smnd* (m/s*) 
1 per meter (Urn) 
degree Celsius 

I about a spedflad axis. 

1.420654 E-04 
1.182941 E-04 
9.0' E-01 
1.570796 E-02 
6.479 891' E-05 

1.711 808 E-02 
1 .o' E-03 
1 .o' E+03 
9.806 850' E+01 
1 .O' E+04 
7.456999 E+02 
9.80950 E+03 
7.480' E+02 
7.35499 E+02 
7.46043 E+02 
7.4570 E+02 
3.800000 E+W 
3.590170 E+W 
5.080235 E+01 
4.535924 E+01 

3.38638 E+W 
3.37685 E+W 
2.49082 E + M  
2.4884 E+02 

2.54' E-02 

6.41 6' E-04 
1.638706 E-05 
2.731 177 E-07 
4.162314 E-07 
2.54' E-02 
2.54' E-02 
1.09 E+02 r, = r, - 273.15 

I.- 
0 t 



Table A-I 
(continued) 

CL 
0 
Ip 
w )  

Multi~lv W 
4.1868' E+03 
4.19002 E+03 
4.184' E+03 
6.973333 E+01 
4.184' E+03 
9.go865' E+W 
9.80665' E+W 
9.80665' E+W 
9.80665' E + M  
9.80665' E+W 
9.80665' E+08 
2.777778 E-01 
9.80665' E+W 
3.6' E+08 
4.448222 E j 0 3  
6.894757 E+W 
5.144444 E-01 
1 I# E + M  
3.183- E+03 
4.184' E + M  
(sesFootnote1) 
9.46055 E+15 
1 .O' E-03 
1 .o+ E-08 
1 .O' E+W 
2.54' E - 08 
3.280840 E+W 
1 .o* E-06 
2.54' E-05 
1.609344' E+O3 
1.6093 E+O3 
1.609347 E+03 
1.- E+03 

8 a 
8 
5 
d 
I 
5- P 



mile (U.K. neuticel) 
mile ( U S  nautical) 
sq mlle (international) 
sq mile (US. wrvey)l'l 
mllelhr (international) 
mile/hr (intematknalj 
mile/min (international) 
milale (internetionel) 
millibar 
millimeter of mercury (0°C) 
minute (angle) 
minute (mean solar) 
minute (sidereal) 
month (mean calendar) 
oersted 
ohm centimeter 
ohm circularmil per ft 

wnce (avoirdupois) 
ounce (troy or w r y )  
ounce (U.K. fluid) 
ounce (US. fluid) 
ounceforce 
ozfjn. 
oz (avoirdupois)/gal (U.K. liquid) 
oz (avoirdupois)/gal (U.S. liquid) 
oz (avolrdupds)/in.s 
oz (avoirdupoisW 
oz (avoirdupois)/yd' 
P- 
pedc (U.S.1 
pennyweight 
Perm ("CP 

m a  (m) 
meter (m) 
met& (mL) 

(m3 
meter per second (Ws) 
kilometer per hour (kmih) 
meter per second (Ws) 
meter per second (Ws) 
pascal (Pa) 
P- (Pa) 
radian (rad) 
second (8) 

(SI 
-d (8) 
ampere per meter (Nm) 
ohm meter (nm) 
ohm millimeteP per meter 

WmmSml 
kilogram (kg) 
kilogram (kg) 
meteP (mS) 
met& (m") 
newton (N) 
newton meter (N-m) 
kilogram per met& (kglm") 
kilogram per metelg (kgms) 
kilogram per meteP (kg/ms) 
kilogram per meteP (kg/m*) 
kilogram per met& (kg/W 
meter (m) 
mete+ (mS) 
kilogram (kg) 
kilogram per pascal second meterP 

[kg/(Pa.s.m*)] 

1.653 164' E+03 
1.652' E+03 
2.569966 E+06 
2.569998 E+06 
4.4704' E-01 
1.609344'E+W 
2.662 24' E + 01 
1.609344' E+03 
1 .O' E+02 
1.33322 E+02 
2.906662 E-04 
6.0' E+Ol 
5.983617 E+01 
2.626000 E+06 
7.957 747 E +01 
1 .o* E-02 

1.662426 E-03 
2.634952 E-02 
3.110346 E-02 
2.841 307 E-05 
2.957 353 E-05 
2.780139 E-01 
7.061 552 E-03 
6.236021 E+W 
7.489152 E+W 
1.729994 E+03 
3.051 517 E-01 
3.3W575 E-02 
3.065678 E+16 
6.809768 E-03 
1.555 174 E-03 

5.721 35 E-11 
@1ln 1064 the G a d  Confanca on Weight8 and Measures adopted !he name ilter as a sped01 name for the cubic decime(er. Prior to rmS dsdaion h e  l i r  dHfered diitIW 

Wo~the  wmas raervdr"penn:' 
(p.viour vdue. 1.ooO 028 &) and in mtpma6ion d precbbn w l w e  meawrarneml this fad mud ba kepl in mind. 

w 
P e 
8 
4 
2. 
v1 5 

P 

w 
0 
Ip w 



To Convert From 
perm (23°C)" 

permin. ( m ) m  

permin. (23"C)m 

PaMt 
Pica (Printer's) 
pint (U.S. dry) 
pint (U.S. Ilquld) * (print@fs) 
polse (absolute vi!msily) 
pound (Ibm avoirdupois)@l 
pound (troy or apothecary) 
Ibm-W (moment of inertia) 
Ibm-in? (moment of inertia) 
I M - h r  
Iknlft-s 
IbdW 
IlUlVfP 
lbm/gal (U.K. Ilquld) 
lbmlgal (U.S. liquid) 
Ibmhr 
Ibm/(hp. hr) 

Itnnnn? 
Ibmlmin 
Ibm/S 
lanlvd" 
poundal 
poundaWtD 
poundal-amp 
pound-force (Ibfp 

(SFC, speciRc fuel coneumptlon) 

Table A-I 
(continued) 

To 
kilogram per pascal second metep 

kilogram per pascal second meter 

kllogram per pascal second meter 

lumen per met& (Imlrn') 
meter (m) 
meter' (ma) 
lnet@ 
meter (m) 
pascal second (Pas) 
kilogram (kg) 
kllogram (kg) 
kllogram meterp (kgmP) 
kilogram meterp (kgw 
pascal second (Pes) 
pascal eecond (Pa*) 
kilogram per meterP (kg/m*) 
kilogram per meter' (kg/mJ) 
kilogram per meter' (kg/m*) 
kilogram per meter' (k@nV) 
kllogram per second (kg/s) 

[kg/(Pa.s.mP)I 

[kg/(Pas-m)] 

[km/(Pa.s.m)] 

kilogram per joule (kg/J) 
kllogram per meter' (kg/ma) 
kilogram per second (kg/s) 
kilogram per second (kg/s) 
kilogram per meter' (kg/mP) 
newton (N) 
pascal (Pa) 
pascal second (Pas) 
newton (N) 

MulNply BV' 

5.74525 E-11 

1.45322 E-12 

1.45929 E-12 
1 .o* E+04 
4.217518 E-03 
5.506105 E-04 
4.731 765 E-04 
3.5145M' E-04 
1 .o* E-01 
4.535924 E-01 
3.732417 E-01 
4.214011 E-02 
2.926397 E-04 
4.133789 E-04 
1.488164 E+W 
4.882428 E+W 
1.601 a46 E+Ol 
9.977633 E+01 
1.198264 E + M  
1.259979 E-04 

1.889 659 E-07 

7.559873 E-03 
4.535924 E-01 
5.932764 E-01 
1.382550 E-01 

2.767990 E+04 

1.488164 E+W 
1.488164 E+W 
4.448222 E+OO 

f 

6 
0. 



1.355818 E+W 
5.337886 E+01 

4.448222 E+W 
4.788026 E+01 
1.459390 E+01 
4.788026 E+01 

9.606850 E+W 

1.129848 E-01 

1.751 268 E+02 
6.894757 E+03 

1.101 221 E-03 
9.463529 E-04 
1 .o* E-02 
1 .O' E+01 
(seeFootnote1) 
2.58 E-04 
4.848137 E-06 
9.972896 E-01 

1.ooOooO' E-OB 
(aeeFootnote1) 

1.459390 E+01 
4.788028 E+01 
5.153788 E + M  
3.335640 E-10 
3.33!5640 E-10 
1.112650 E-12 

1.112650 E-12 
8.987554 E+11 

8.087554 E+11 
2.997925 E+02 
1 .o* E+W 

* 
eel 

3 
p: R 

B a 
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Appendix: Units and Conversions 1047 

Table A-2 
Conversion Factors for the Vara* 

value of Conversion Factor. 
Location Vara in Inches Vares to Meters 

Argentma, Paraguay 34.12 8.666 E-01 
Cadiz, Chlle, Peru 33.37 8.476 E-01 

except San Francisco 33.3720 8.47649 E-01 
Sen Francisco 33.0 8.38 E-01 

Central America 33.87 8.603 E-01 
Colombia 31.5 8.00 E-01 
Honduras 33.0 8.38 E-01 
Mexico 8.380 E-01 

Spain, Cuba, Venezuela, Philippine Islands 33.38" 8.479 E-01 

Jan. 26,1801, to Jan. 27,1838 32.8740 8.35020 E-01 

surveys of state land made for Land OfRce 33-10 8.486667 E-01 

California, 

Portugal, Brazil 43.0 1-09 E+W 

Texas 

Jan. 27,1838 to June 17,1919, for 

Jan. 27,1838 to June 17,1919, on private sunreys 
(unless changed to 33-1/3 in. by custom arising 
to dignii of law and overcoming former law) 32.8748 8.35020 E-01 

June 17,191 9, to present 33-10 8.486667 E-01 

Texas, Auston, Texas (April 30, 1940). 
McElwee, P. G., The Texas Vara, available from commissioner, General Land Office, State of 

Courtesy of Society of Petroleum Engineers. 



1048 Appendix: Units and Conversions 

Table A-3 
"Memory Jogger"-Metrlc Unlts 

Customary Unit Conversion Factors) 

"BallPark" Metric Values; 
(Do Not use As 

acre ( Y . 4  7:;mb" 
barrel 0.16 cubicmeter 
British themral unit lo00 joules 
~ritish thennel unit per pound-mass 

calorie 4 i o u b  
centipoise 1 m i l l i p a s c a l - ~  
centistokes 1' SquaremiHimeterperseamd 

1 squaremkxometer 
0.5 keMn 

d a w  
degree Fahrenheit (temperature dlfterence) 
dyne per centimeter 1' millinewton per meter 

cubic W (cu ft) 0.03 cubicmeter 
cublc foot per pound-mass (W/ lh)  
square foot (sq ft) 
foot per minute 

foot-pound-fofce 1.4 j ~ ~ l e s  
foot-pound-force per minute 0.02 watt 
foot-pound-force per second 1.4 watts - 
horsepower, boiler 
inch 2.5 centimeters 
kilowatthour 3.V megajoules 
mile 1.6 kilometers 
wnce (avoirdupois) 28 grams 
ounce (fluid) 30 cubic centimeters 
pound-force 4.5 newtons 
pound-force per square inch (pressure, psi) 7 kilopascals 
pound-mass 0.5 kilogram 
pound-mass per cubic foat 16 kilogramcrper~bkmeter 

26ohectams 
section 

lo00 kilograms 
1OOO' kilograms 

ton, long (2240 pounds-m-1 
ton, metric (tonne) 
ton, short 900 kilograms 
*Eucleqqukr.knb 

(Y.3 $ $ X j E ' ! Z i m  

foot { 3:.3 ::!Faem 
0.06 cubic meter per kilogram 
0.1 square meter 
0.3 meterperminute { 5 m i u i p e r s e c o n d  

750 watta (% kibwalt) 
10 kilowatts 

2.6 milfknequanrmeters { 2.6 s q ~ a r e k i b m e t ~ ~  

Courtesy of Society of Petroleum Engineers 



Index 
AAD. See Average absolute 

Absolute open flow potential 

Acceleration element, 429 
Acoustic log. See Sonic log 
Actual brake horsepower, 852 
Actual maximum flow potential 

Ad valorem tax, 1018, 1019 
,4dditives, wettability effects of, 66-67 
Aerial cooler, forced draft, 871 
Aerial heater, 883 

inducted draft, 884 
Afterflow. See Wellbore storage 
Airstripping, 952-953 

two film theory, 953 
Alkaline flooding, 323 

description, 333-334 
laboratory design, 343 
limitations and problems, 334 
mechanisms, 334 

deviation 

(AOFP), 545-546, 550 

(AOFP), 589 

A 

nhlkanes, physical properties, 410 
Alumina as a desiccant, 792 
American National Standards 

Institute (ANSI), compressor 
station regulations, 875-876 

American Petroleum Institute (API) 
compressor station regulations, 

Offshore Platform regulations, 
965, 966 

Recommended Practice for Core- 
Analysis Procedure, 92-93 

RPIL calculation procedure, 615, 

876-877 

620, 625-631 
American Society for Testing and 

Materials (ASTM), compressor 
station regulations, 877-878 

American Society of Mechanical 
Engineers (ASME), compressor 
station regulations, 878-879 

Amidine salts, cyclic, as corrosion 

Amines, contamination by, 948 
Aminotri as corrosion inhibitor, 910 
Ammonia, anhydrous, as corrosion 

inhibitor, 936 
Ammonium bisulfite as oxygen 

scavenger, 908 
Amott method of inferring 

reservoir wetting, 64 
Annular-slug transition, 450 
Anthony, T. M., 547, 549 
AOFP. See Absolute open flow 

potential (AOFP) 
Archie equation 

inhibitors, 910 

to calculate water saturation, 

cementation exponent, 46 
modified, 43 
saturation exponent, 54-58, 84 

direct and staggered line drives, 

polymer treatment and 

vs. vertical sweep efficiency, 283 

147-148, 151 

Areal sweep efficiency, 281-284 

281 

improvement in, 321 

Arnold, K., 747 
Arps Equation, 122, 249 
Artificial lift methods. See also Gas 

lift; Sucker rod pumping 
electrical submersible pumps, 

oil well jet pumps, 658-662 
662-664 

Ashford, F. E., 585 
ASTM analysis, 412 
Atmospheric ref lux condenser, 779 
Attic oil recovery, 260 
Average absolute deviation, 410, 412 

B 

Bacteria 
in oilfield water, 920 
sulfatereducing, corrosion from, 921 
used in landfarming, 949 

1049 



1050 Index 

Bactericides, 921 

Bacteristats 
laws and regulations, 923 

application of, 922 
laws and regulations, 923 

Barge rig, 964 
Barium sulfate 

crystallization, 912 
inhibitors for, 913 

Bateman, R. M., 190 
Bauxite as a proppant, 674 
Beal’s correlation, 31 
Beck, R. L., 571 
Beggs empirical correlation, 33-35 
Beggs-Brill method, 522-533 
Bellows pressure, 649 
Benedict-Webb-Rubin equation, 422 
Ben-Naceur, K., 692 
BHC. See Borehole compensated 

sonic (BHC) log 
Bioremediation, on-site, 949 
Biot’s poroelastic constant, 666 
Black-oil model, 431 
Bleeding, 92 
Bond index, 194-196 
Borehole compensated sonic (BHC) 

log, 172 
Borehole televiewers, 202 
Bossler, D. P., 351 
Botset, H. G., 76 
Boundary layer, thickness of, 943-944 
Breakers, encapsulated, 674, 676 
Brigham, W. E., 287 
Brown, K. E., 613, 645 
Bruce, W. A., 70 
Bubble point/dew point 

Bubble-point pressure (saturation 

Buckley, S. E., 76, 242 
Buckley-Leverett equations, 269-272 

calculations, 405-406 

pressure), 3 

for steamflooding, 1010 
for waterflooding, 1007-1008 

Burrows correlation, 31 
Buthod, P., 650 

C 

Calcium carbonate scale, 915-918 

Calcium sulfate scale, 914-915 
Calhoun, J. C., Jr., 83 

inhibition of, 918-920 

Camacho, V. R. G., 564 
Campbell’s correlation, 757-758 
Capacity of reservoir rock, 38 
Capillary pressure, 68-72 

to determine fluid saturation, 70 
to indicate pore size distribution, 

70 
oil-water, 83 
reduced function, 70 
water saturation and, 69-70 
wettability effects, 83 

corrosion, 892-894 
flooding, 324, 327 

description, 331 
laboratory design, 343 
mechanisms, 331 

Carbonate reservoirs, acid 
fracturing in, 691 

Carbon-oxygen log, 312-313, 314, 316 
Carbon-oxygen ratio, 190, 191, 192 
Carothers, J. E., 43 
Carpenter, C. B., 50 
Carr correlation, 31 
Carter equation, 686 
Cash flow 

Carbon dioxide 

limitations and problems, 331 

capital investment, 1019- 102 1 
discount rate, 1022-1024 
income tax considerations, 

ownership interests, 1017 
present value factor, 1021-1024 
product prices, 1014, 1016 
production costs, 1017 
production schedule, 1014 
projection of product prices, 1016 

Casing 
for beam pumping unit, 619 
-cement formation bonding, 197-199 

Casing-operated valve 
mechanics, 647, 648 
in unloading process, 653, 656-658 

1020-1021 

Castillo, J. L., 669 
Cation exchange in radium 

Caudle, B. H., 546, 547, 549, 557 
Caustic flooding. See Alkaline 

Cavitation 

removal, 961 

flooding 

avoiding, 661 
zone in jet pumps, 659 

CBE. See Counterbalance effect 
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CBIS. See Continuous downhole 
injection system 

CDM. See Continuum damage 
mechanics 

Cement bond log 
interpretation, 197-199 
presentations, 196- 197 
theory, 193-196 

Cement, microannulus in, 200-201 
Cementation factor, 39 
Central flooding, well placement, 

Centrifugal compressor, 847-848 
264-265 

head vs. volume flow relationship, 

polytropic exponent, 863-864 
power, 864-865 
vs. reciprocating compressor, 

volume flowrate, 864 

863 

865-866 

Centrifugal force in separation 

Channeling, 200-201, 284 
Chase, R. W., 547, 549 
Chemical flooding 

alkaline, 322-323 
alkaline/surfactant/polymer, 323 
polymer-augmented 

waterflooding, 320-322 
surfactant, 322-323 

Chew correlation, 32 
Choke 

process, 722 

adjustable, 537 
positive, 537 
reasons for installing, 537 
subsurface, 554 
surface, 554 

Choke performance 
gas wells, 554-555 
subsonic vs. sonic flow, 554-555 
two-phase 

Ashford’s correlations, 585-586 
Gilbert’s correlation, 571 
Poetmann-Beck‘s correlation, 

571, 585 
Chromatographic analysis, 412 
Claridge, E. L., 283 
Class I1 injection well 

contamination by, 961-962 
location of, 962 
produced water contamination, 956 
UIC criteria and standards, 

962-963 

UIC permitting process, 963 
Clinedinst equation, 838 
Clothier, A. T., 935 
CNL. See Compensated neutron log 

Coates, G. R., 46, 57 
Combination of forward 

combustion and waterflooding 
(COFCAW), 334 

(CNL) 

Combination reservoir 
material balance, 233-234 
reserve estimation, 994-995 

Compaction correction factor, 159 
Compensated neutron log (CNL), 163 
Composting of contaminants, 949 
Compressibility 

gas, 20-23 
of multiple-f hid-containing 

of natural gas, equation for, 32 
oil, 23-27 
water, 27 

Compressibility factor 
depletion study, 386 
direct calculation of Z factors, 

using principle of corresponding 

reservoir rock, 52-53 

368-371 

states, 365-368 
Compressive-wave attenuation-rate, 

Compressor. See also Centrifugal 
194 

compressor; Reciprocating 
compressor 

axial-flow, 847-848 
calculations, Mollier charts, 

multistage systems, 852 
storage/withdrawal operation, 

857-863 

868-869 
Compressor station 

block and mat design, 866 
codes and standards, 872-882 
combined resonant frequency, 866 
compressor types, 847-848 
gas cooling equipment, 871, 884 
gas piping system, 868-871 

pressure drops in, 871 
machinery foundations, 866-868 
production, 847 
spring constant, 868 
storage, 847 
transmission, 847 

Compton scattering, 161 



1054 Index 

Condensate, 225 
Conductive solids, 46 
Conformance factor, 306-307 
Connally correlation, 32 
Connate water, 225 
Contact angle 

receding vs. advancing, 63-64 
of reservoir rock, 61, 63-68 

diffusion coefficients for 
petroleum-related, 954 

hydrocarbon, 939-948 
nonhydrocarbon sources, 948 
radioactive, 957-961 
site remediation, 949-954 

Continuous downhole injection 

Continuum damage mechanics, 687 
Conventional pumping unit 

crank balanced, 595 
maximum practical pumping 

speed, 622-623 

Contamination 

system, 902, 904 

Cooling towers, 884-889 
performance characteristics, 

887-889 
Core analysis 

to estimate residual oil, 307-309 
laboratory core flooding, 

measurements, 308 
fluid saturation, 9 1-93 
grain density and core 

description, 93 
permeability, 91 
porosity, 90-91 
procedures, 87-88 
results of, 92-107 
routine tests, 86-87 
specialized, 87, 89, 108 

handling 

3 0 8 - 3 0 9 

Cores 

conventional cores, 307-308 
pressure cores, 308 

methods of preservation, 89 
preparation, 90 
preserved, 67-68, 88-89, 307 
restored-state, 68, 89, 307 
rubber sleeve, 304 
storage of, 89 

Corey, A. T., 79 
Coring, 88 

to determine residual oil, 304 
flushing during, 304-305 

pressure, 88, 90 
rubber sleeve, 88 

component i 
Corrected pressure. See Fugacity of 

Corresponding states principle 

Corrosion. See ako Pitting 
carbon dioxide, 892-894 
hydrogen sulfide, 891-892 
microbiological 

inhibition of, 921-922 
in waterflooding operations, 

(CSP), 365-368 

920-921 
pipeline 

crude oil and liquid-product, 

natural gas, 930-935 
prevention methods, 889 
in production operations, design 

in storage tanks 
crude oil, 936 
product tank, 936-938 
recommended procedure, 

vapor space, 935-936 
in sucker rod pumps, 600, 610 
from sulfate-reducing bacteria, 921 
in waterflooding operations, 

application methods, 923, 926-930 
comparing techniques, 906, 907 
cost vs. effectiveness, 933 
equipment units, 926-927 
point of injection, 927 
proof of treatment, 933 
system analysis, 932 

batch treatment, 894-896, 926 
extended-period, 896 
with inhibitor emulsion, 896 
periodic, 896 
tubing displacement, 895-896 
with weighted inhibitor, 896 

calculating volume needed, 896 
carrier water, 895 
chemical, 924, 926 
continuous treatment, 893, 926 

closed-annulus injection, 897 
concentric completion, 900 
determining concentrations, 

dual completion, 897, 899 

924-930 

recommendations, 923 

938-939 

906-923 
Corrosion inhibitors, 889-890 

896, 905 
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in gas-lift wells, 897, 902, 903 
open-annulus injection, 897, 898 
Y-block completion, 901 

control criteria, 929-930 
in crude oil and product tankers 

flotation technique, 937-938 
fogging technique, 938 
oil-soluble, 936-937 

filming amines, 893, 894, 910 
formation squeeze treating, 903, 905 
oil-soluble, 890, 926 
oxygen scavengers, 908-909 
in pipelines 

crude oil and liquid-product, 

natural gas, 931-935 
926-930 

premixing or dilution, 927-928 
protective coatings, 928-929 
in sour environments, 890, 891, 

water-soluble, 890, 910, 926 
892 

problems with, 895 
Coryell, F., 935 
Counterbalance effect, 636, 641 
Cox, R., 567 
Craig, F. F., Jr., 82, 269, 277, 287 

waterflooding performance 
prediction method, 293 

Crawford, P. B., 281 
Craze, R. C., 242 
Crossflow index, 289 
Crude oil. See also Primary oil 

recovery 
defined, 249, 987 
economic value, 987 
PVT properties, 17, 33-35 
surface tension, 60 

effect of dissolved gases on, 58 
treating systems, 733-735 

equipment, 736-739 
heat input requirement, 739-754 

viscosity of, 7-10, 11, 12 
undersaturated, 35 

corrosion in, 924-925 
control methods, 925-926 

protective coatings, 928-929 
CSP. See Corresponding states 

principle (CSP) 
Cullender, M. H., 548, 550, 553 
Curtis, S., 613, 614 
Curve separation, 151 
Cyclic steaming, 1005 

Crude oil pipelines 

D 

Dalton’s law, 944 
Damage ratio (DR), 701 
Darcy equation, 643, 664-665, 672, 

for linear displacement, 36-37 
for radial flow, 37-38 
for turbulent flow, 535-536 

DCR. See Discount rate (DCR) 
Deaeration, 925 
Dean Stark method, 308 
Deans, H. A., 310 
Decline 

effective, 1000 
exponential, 998, 999 
harmonic, 998, 999-1000 
hyperbolic, 998, 999 
nominal, 1000 

classification of, 247 
cumulative production 

946 

Decline curve analysis, 244-246 

vs. exponential production rate, 

vs. gas-oil ratio, 1001-1002 
vs. water-oil ratio, 1001 

in developing production 
schedule, 1014 

exponential decline, 246-247 
harmonic decline, 248 
hyperbolic decline, 247-248 
production decline curves, 258 
production type-curve, 248-249, 

rate-time plot, 997-1000 

contamination by, 948 
to control corrosion, 925 
recycling, 948 

design, 780-792 
height of glycol contactor, 786-787 
molecular sieve, 792 

mass transfer zone, 794, 796-797 
saturation zone, 794-796 

allowable superficial velocity, 797 
design, 792-797 
regeneration calculations, 797-798 

triethylene glycol, 780-792 
bubble cap trays in, 787 
gas capacity, 788 
tray-type, 787-788, 790 

1001 

1003 

Dehydration liquids 

Dehydrators 

solid desiccant 
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Dense nonaqueous phase liquids 
(DNAPL), 941 

Density log, 160-161 
interpretation, 162 
long-spacing vs. short-spacing 

spine and ribs plot, 161-162 
theory, 161-162 

Desbrandes, R., 169 
Desiccants 

detector, 161- 162 

liquid, 778 
recycling, 948 
solid, 778, 792 
waste liquid contamination, 948 

Desorption isotherm, 946-947 
DeSouza, A. O., 287 
Deviated well 

fracturing, 692-696 
nonvanishing shear stress 

component, 694 
Dew point 

calculations, 401, 402-403 
pressure determination, 384 
sensor, 759, 761 

Dielectric constant, 312-313, 315 
Dielectric measurement tools, 

170-179 
interpretation, 175-179 
theory, 172-174 
types of, 171 

Differential condensation. See 
Differential liberation 

Differential liberation, 17- 18, 374, 

laboratory measurements, 381 
material balance equations, 394 
in reservoir conditions, 379 

377-379, 397 

Differential vaporization. See 
Differential liberation 

Dimetallic phosphates as scale 
inhibitors, 918-919 

Dipmeter, 179 
Discount rate (DCR), 1022-1024 

in calculating rate of return, 1026 
cost of capital, 1023 
market, 1023-1024 

Displacement sweep efficiency, 279 
Distillate, 225 
Distillation-extraction method, 92 
DNAPL. See Dense nonaqueous 

phase liquids (DNAPL) 
DNLL. See Dual neutron lifetime 

log (DNLL) 

Dorfman, M. H., 57-58 
Dougherty, E. L., 1026 
Drag coefficient, 706, 708 

for turbulent flow, 709 
Drawdown pressure test, 180 
Drill stem test 

interpretation of results, 108-115 
tool assembly, 108 

bacterial degradation, 949 
oil-based, bioremediation 

resistivity tools affected by, 

Drilling mud 

methods, 951 

118-120 
Drilling rig 

mobile, 964 
offshore operations, 964 

Drillship, 964 
Drinking water 

radon in, 957-958 
regulations for radionuclides in, 958 
underground sources, 962 

DST. See Drill stem test 
Dual neutron lifetime log (DNLL), 

Dumanoir, J. L., 46, 57 
Duns-Ros method, 488-504 
Dupre’s equation for wetting 

Dykstra, H., 1008 
Dykstra-Parsons coefficient, 284-289, 

Dynagraph card, 638-639 
Dynamometer, 638-639 

182, 183 

tension, 63 

293 

standing valve check, 641 
traveling valve check, 640-641 

E 

Earlougher, R. C., Jr., 299 
Early-time region (ETR), 220-222 
Economic limit of production, 

1000-1001, 1019 
Economic risk, 1028 
Economics of petroleum. See 

Petroleum economics 
Economides, M. J., 671, 692, 700, 701 
Elasticity relation, 684 
Electrical conductivity 

of reservoir rock, 38 
salt concentration estimated from, 

952 
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Electrical potential logs, 202 
Electrical resistivity, residual oil 

saturation and, 312-313 
Electrical submersible pump 

environmental variables affecting 
performance, 662 

motor controller, 662-663 
pump stages required, 662 
recommended operating range, 664 
seal section, 662 
surface and subsurface 

components, 662 
Electromagnetic inspection logs, 

201-202 
Electromagnetic propagation tool 

(EPT), 171 
interpretation, 175-179 
uses, 172 

caused by scale inhibitors, 913 
formed during corrosion 

treatments, 895 
fracturing fluids, 674 
treating methods, 733, 736 

Energy conservation, 426 
Engineering, reservoir, 3 
Enhanced oil recovery (EOR), 260, 

Emulsions 

1005-1006. See also Chemical 
flooding 

chemical methods, criteria for, 

definition, 3 19-320 
depth requirements, 340, 341 
economic factors, 327 
gas injection, 323-325, 1006 

criteria for, 336-337 
heat injection, 1008-1011 
laboratory design 

337-338 

carbon dioxide flooding, 343 
polymer testing, 342-343 
preliminary tests, 342 
surfactant and alkali testing, 343 
thermal recovery, 343-344 

permeability ranges, 342 
technical guides, 327-329 

graphical representation, 

thermal methods, 326-327, 

viscosity ranges, 339, 340 
water injection, 1007-1008 

Enriched gas drive, 329 
Enthalpy-entropy plot, 857-858 

339-341 

338-339 

Environmental considerations 
in offshore production, 969-970 
in production operations, 939-963 

Class I1 injection wells, 961-962 
hydrocarbon contamination, 

produced water, 954-961 
site remediation, 948-954 

939-947 

EOR. See Enhanced oil recovery (EOR) 
EPT. See Electromagnetic 

Ergun equation, 792-793 
ESP. See Electrical submersible pump 
Ethylenediaminetetraacetic acid 

propagation tool (EPT) 

(EDTA), as scale inhibitor, 912, 
920 

ETR. See Early-time region (ETR) 
Excavation effect, 163 
Expansion vessel, 705 
Exponential decline, 244, 246-247 

F 

Fair market value, 1021 
Fassihi, M. R., 283, 286 
Fatt, I., 50 
Fetkovich, M. J., 1003 

IPR equation, 213, 564, 567, 644 
type-curve, 249 

FFI. See Free fluid index (FFI) 
Fick’s law, 943 
Fifadara gas deviation factor 

Filtercake 
estimation program, 33 

hydraulic resistance, 671-673 
viscoelastic relaxation, 672-673 

Filtration, 924, 925 
in waterflooding operations, 908 

Fireflooding. See In-situ combustion 
Flare system, offshore production 

operations, 968 
Flash equation/convergence 

algorithm, 406 
Flash liberation See Flash 

vaporization 
Flash tank, 704-705 
Flash vaporization, 17-18, 374, 376, 

377-379, 388, 390 
calculations, 403-408 
laboratory measurements, 381 

Floating rods, 620 
Flow behind casing, 203 
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Flow regimes. See also Gas flow 
annular 

liquid entrainment fraction, 471, 

liquid holdup, 471, 473, 474-477, 

pressure gradient, 473 
annular-slug transition, 449 
bubbly 

472 

478 

liquid holdup, 481 
pressure gradient, 483 

downcomers, 447-449 
horizontal, 433 
late-transient region, 214, 215 
limitations on, 484-488 
region of occurrence, 491 
risers and wells 

447 
dimensionless parameters, 437, 

map, 447, 448 
selection of, 447 

semisteady-state region, 214, 215, 

slightly inclined pipes 
216 

dimensionless parameters, 

map, 437, 438-446 
selection of, 437 

drift-flux parameters, 480 
liquid film thickness, 481, 482 
liquid holdup, 478, 479 
optional correction, 481 
pressure gradient, 478, 480 
slug velocity, 478 

436-437 

slug 

slug-bubbly transition, 449 
steady-state, 216 
steps in determination of, 435 
stratified 

dimensionless parameters, 

friction factor ratio, 449, 456-463 
liquid holdup, 449, 452-455, 

pressure gradients, 464, 470 

465-469 

470, 478 

transient region, 214, 215 
vertical, 433 

multiphase fluids, 586-594 
oil, 541-544 

accuracy, rangeability, and 
repeatability, 800 

Flowline performance 

Flowmeter 

continuous, 207 
fullbore-spinner, 206-207 
packer, 207 

Flue gas flooding, 324, 330 
Fluid compressibility. See 

Compressibility 
Fluid flow. See also Flow regimes; 

Oil flow performance 
categories of, 426 
formulas, 426, 428 
friction loss, 426 
two-phase, engineering analysis, 

429, 431 
Fluid pound, 639 

Fluid saturation 
in sucker rod pumps, 611-612 

core analysis, 91 
distillation-extraction method, 92 
solvent extraction method, 93 
sources of error, 93 
vacuum distillation method, 

92-93 
oil recovery and, 79-80 

Fluid velocity, radioactive tracers, 207 
Fluid-flow equation, 684 
Fluid-rock properties. See also 

Reservoir rock 
capacity, 38 
compressibility, 49-52 
electrical conductivity, 38 
formation resistivity factor, 39-48 
linear flow, 36-37 
of multiple-fluid containing rocks, 

permeability, 36 
pore volume, 35-36 
porosity, 35 
radial flow, 37-38 
resistivity, 38-39 
transmissibility, 38 
wettability effects, 79-86 

chlorinated oil, 313-314 
during coring, 304-305 

as diverting agent, 699 
fracturing fluids, 674 

in corrosion treatments, 895 
in separators, prevention of, 722 

Formation evaluation. See also Logs 
in cased holes, 181-192 
coring and core analysis, 86-108 

52-86 

Flushing 

Foam 

Foaming 
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drill stem tests, 108-115 
Formation resistivity factor 

effect of clay on, 46, 48 
of limestone, 43 
permeability property, 48 
porosity and, 39, 41, 44, 47 
of reservoir rock, 39-48 
of sandstone, 46 

Formation volume factor, 4, 12-20 
correlations for estimating, 19-20 
flash vs. differential liberation 

gas, 13-15, 34 
oil, 15-20, 28, 34 

single-phase, 33 
two-phase, 17 
water, 20, 21 

processes, 17-18 

changes with pressure for, 16-17 

Forty-degree rule, 737 
Fouling, heater, 741, 743 
Fracturing, 1003 

acid, 665, 691-692 
breakdown pressure, 667-668 
closure pressure, 668-669 

flowback period, 669 
design evaluation, 688-690 
desired lengths, 694 
of deviated vs. horizontal wells, 

dimensionless conductivity, 682 
hydraulic, 665, 686 
pressure decline analysis, 669-673 
propagation modeling, 686-688 

CDM-PKN model, 687-688 
fracture toughness concept, 

material balance, 684-686 
stress intensity factor, 686-687 
width equations, 683-684 

692-694 

686-687 

propagation simulator, 677 
propped, 676-683 

KGD model, 677, 6’79 
optimizing, 676-677 
PKN model, 677, 678 

stress distribution, 665, 666 
vertical horizontal, 666-667 

Fracturing fluids 
breakers, 674 
emulsions, 674 
foam, 674 
oil-base, 674 
properties of, 673-674 
water-base, 673-674 

Free fluid index (FFI), 168, 169, 

Frick, T. P., 700 
Friction factor ratio for stratified 

flow regime, 449, 456-463 
Friction loss, 426, 429 
Fruendlich equation, 946 
Fugacity of component i, 418-419 

314-315 

G 

Gamma ray log 
interpretation, 157- 158 
theory, 157 

Gamma spectroscopy tools (GST), 
190-191 

Gardner, F. T., 935 
Gardner, J.S., 159 
Gas 

compressibility, 20-23 
condensate, 372 
dry, 372 
formation volume factor, 13-15 
nonassociated, 251 
recovery, volumetric calculations, 

solubility of water in, temperature 

superficial velocities, 435-436 
viscosity of, correlations for, 31 
wet, 372 

Gas cap reservoir, 225, 251, 374 
estimating gas-in-place, 989 
oil saturation, 243 
reserve estimation, 992 

241 

effects, 924-925 

Gas contract, 754 
Gas coolers, 871 

Gas dehydration, 778-780 
sizing, 884 

dehydrator design, 780-792 
regenerator performance, 782-784, 

required reboiler heat load, 

solid desiccant, 792 

797-798 

784-785 

dehydrator design, 792-797 
Gas deviation factor, 232 

estimating, 33 
Gas, dissolved, 251 

formation volume factor, 34 
in reservoir fluids, 3-4 

viscosity and gravity effects, 4 
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Gas flow 
complex systems, 841-847 
electronic metering units, 835 
equations for steady state, 837-841 
gathering systems, 835-837 
measurement 

accuracy of, 799-800 
calibration, 800 
differential pressure method, 800 
maintenance of metering 

systems, 800 
orifice, 800, 802-834 

saturation pressure, 379 
Gas flow performance, 544 

choke, 554-555 
flowline, 556-561 
inflow, 545-55 1 
tubing, 551-554 

Gas Froude number, 436-437 
Gas hydrate formation 

inhibition of, 774-778 
pressure and temperature of, 

763-774 
Gas in solutions curve, adjustment 

Gas injection, 1006-1007 
carbon dioxide flooding, 324-325 
criteria for, 336-337 
hydrocarbon miscible flooding, 

nitrogen and flue gas flooding, 

to separator conditions, 399 

3 2 3 - 3 2 5 

324 
Gas lift 

continuous vs. intermittent 
methods, 642-643 

corrosion treatment, 897, 902, 903 
gradient curves, 645-647 
inflow performance, 643-645 
unloading the well, 650-654 
utilization of, 642 
valve mechanics, 647-650 

for small pipes, 650 
Gas pound, 640 

in sucker rod pumps, 612 
Gas rate, calculation of, 382 
Gas reservoir reserve estimation 

material balance approach, 

production performance approach 
231-233 

in nonassociated, 997-1004 
Gas-condensate reservoir, 225 
Gas/liquid ratio 

flowing gradients and, 570 

saturation pressure effects, 387 
Gas-oil ratio (GOR) 

producing, 262 
in production projections, 1014 

Geffen, T. M., 293 
Gels as desiccants, 792 
Gentry, R. W., 248-249 
Geologic risk, 1028 
Geophysical well logging 

accuracy of methods, 316-317 
carbon-oxygen, 314 
dielectric constant, 315 
electrical resistivity, 312-313 
nuclear magnetism, 314-315 
pulsed-neutron capture, 313-314 
reservoir volume sampled, 315-316 

Gibbs free energy, 418, 419 
Gibbs phase rule, 378 
Gibbs, S. G., 639 
Gilbert, W. E., 568 

flowline performance correlation, 
544, 571, 587, 590 

Glycol 
contamination, 948 
as a desiccant, 778 

calculating minimum 
concentration, 781-782 

in hydrate formation, 774-775 
injection system, regeneration in, 

775, 782 
physical and chemical properties, 

774-776 
required circulation rate, 784 

Glycol-gas contactor, 779 
Gomaa, Ezzat E., 1010 
Gradiomanometer, 203-206 
Grain density, core analysis, 93 
Gravity drainage reservoir, 260 

oil saturation, 243 
Gregory, A. R., 42 
Gringarten, A. C., 224 
Ground loops, 134 
GST. See Gamma spectroscopy tools 

Guerrero, E. T., 77 
(GST) 

H 

Hagedorn-Brown method, 513-522 
Hall, H. N., 50, 298-299 
Hall’s correlation, 52 
Hall-Yarborough equation, 368, 826 
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Harmonic decline, 244, 246, 248 
Hassler, G. L., 76 
Hawkins’ formulation for vertical 

wells, 700 
Hazen-Williams C factor, 929-930 
HCPV. See Hydrocarbon pore volume 
Hearn, C. L., 298 
Heat exchangers, 871 
Heat injection 

advantages and disadvantages, 1011 
cost factors, 1009 
limitations of, 1009 

direct fired, 735 
indirect fired, 735 

coil area, 743 
heat-transfer equation in sizing, 

Heater 

740-743 
Henry’s constant, 947-948 
Hexane 

analysis categories, 414-415 
physical properties, 408-413 
state-of-the-art equation, 412-413 

Higgins, R. V., 77 
Higgins-Leighton streamtube model, 

High pressure gas drive, 329 
Hilchie, D. W., 120-121 
Hilchie equation, 162 
Hill, A. D., 553 
Hill, H. J., 43 
Hollo gas deviation factor 

Horizontal wells 

293 

estimation program, 33 

drilled in direction of minimum 
vs. maximum stress, 695 

fracturing, 692-696 
matrix stimulation in, 700 

Horner plot, 217-218 
HPAM. See Partially hydrolyzed 

Hudson, E. J., 258 
Huff and puff. See Steamflooding 
Humble relation, 39, 42, 46 
Hunt, E. R., 159 
Hurst, W., 241 
Hydrazine as oxygen scavenger, 909 
Hydrocarbon miscible flooding, 260, 

polyacrylamides 

327 
description, 329 
limitations, 329-330 
mechanisms, 329 

Hydrocarbon pore volume, 378 

Hydrocarbons 
classification, 372-374 
contamination 

air, 943-945 
in offshore operations, 969-970 
preventive measures, 939-940 
soil, 940-941, 946 
water, 941-943 

evaporation rate of spilled, 943 
GPM content, 385, 389 
physical properties, 365-371 

in produced water, 955-957 
solubility of water in, temperature 

effects, 924-925 
surface tension, 58, 59 

light, 408-413 

Hydrocarbon-to-fertilizer ratio, 95 1 
Hydrogen embrittlement, 892 
Hydrogen sulfide corrosion, 891-892 
Hydrostatic pressure, 429 
Hydroxyethylidene-1 , 

1-diphosophonic acid (HEDP), 
as scale inhibitor, 918-919 

Hydroxypropyl guar (HPG), 673 
Hyperbolic decline, 244, 246, 247-248 

I 

Ikoku, C. U., 557 
Imbibition curve, 70 
Imidazoline-aliphatic acids as 

corrosion inhibitors, 910 
Immiscible gas injection, 260 
Inflow performance relationship 

(IPR), 210-213 
four-point test, 545 
gas, 545-551, 643-645 

flowing vs. static bottomhole 

isochronal prediction method, 

low-permeability well tests, 548 
predicting future, 548-551 

numerical integration technique, 
547 

oil, 536-537 
predicting future, 536-537 

method, 567 

pressure, 550-551 

548 

combined Fetkovich-Vogel 

Fetkovich method, 593-594 
Standing’s method, 566-567 
unified method, 567-568 
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IPR (continued) 
pseudopressure function, 547 
for single-phase liquid flow, 534 
single-point test, 546 
for sucker rod pumping, 617 
two-phase 

constant J equation, 562-564 
Fetkovich method, 864 
modified Standing’s method, 

Vogel’s method, 561-564 

injection well; Waterflooding 

volumetric calculations, 261-262 

564-565 

Injection wells. See also Class I1 

gas, 260-262, 1004 

heat, 1008-1011 
logging, 203 
placement of, 263-264 

pattern flooding, 265-268 
peripheral or central flood, 

264-265 
water, 1007-1008 

into depletion drive reservoirs, 

for different flood patterns, 

index, 293-294 
monitoring, 298-299 
for unit mobility ratio, 295 
values of, 293-294 

In-situ combustion, 326 
criteria for, 338-339 
description, 334-335 
limitations and problems, 335 
mechanisms, 335 

Injectivity 

295-298 

294-298 

Instrument Society of America 
(ISA), compressor station 
regulations, 878-879 

additives lowering, 91-92 
effect of dissolved gas and 

pressure on, 60, 62 
of reservoir rock, 58-61 
temperature effects, 58, 60, 61, 62 

Intermediate Strength Proppant, 676 
Interstate Oil Compact Commission, 

on waterflooding, 269 
Invasion sweep efficiency. See 

Vertical sweep efficiency 
Investment analysis 

Interfacial tension 

net present value, 1025 
payout, 1025 
profit/investment, 1025 

property value, 1025 
rate of return, 1026 

relationship (IPR) 

flooding operations, 920-921 

IPR. See Inflow performance 

Iron oxide deposition in water- 

Iron sulfide corrosion, 892, 921 
Isopach map, 255 
Isothermal retrograde condensation, 

Isothermal rock compressibility, 49-52 
Isovol map, 255 
ISP. See Intermediate Strength 

372-373 

Proppant 

J 
Jennings, S. Y., Jr., 83, 85 
Johnson, C. E., Jr., 286 
Johnson, E. F., 76 
Johnson, J. P., 1008 
Jones flow correlation, 537 
Jones, S. C., 77 

K 

Kachanov law of damage growth, 687 
Katz, D. L., 551, 768 
Kelkar, B. G., 567 
Kemp, L. F., 686 
Kern, L. R., 684 
Kerosene retention capacity in 

unsaturated soils, 942 
KGD model. See Khristianovich, 

Geertsma, and de Klerk model 
Khristianovich, Geertsma, and de 

Klerk model, 677, 679, 681, 686 
Killins, C. R., 83 
Klinkenberg effect, 73-74 
Klinkenberg, L. J., 72 
Knockout vessel, 702 
Kobayashi correlation, 31 
Kruk, K. F., 691 

L 

Laminar flow coefficient, 536 
Landfarming 

microcosm turbidity method, 950 
on-site bioremediation, 949 
slurry phase bioreactors, 951 
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Landspreading, 952-953 
Langenheim, R. H., 1009 
Larmor proton frequency (LFRE), 

Laterologs, 134-135 
Late-time region (LTR), 220-222 
LDT. See Lithodensity tool (LDT) 
Lease fuel, 1018 
Leeman, E. H., 76 
Leverett J function, 70 
Leverett, M. C., 76 
Light nonaqueous phase liquids 

Limestone, formation factor, 43 
Line drip, 704 
Linear elasticity theory, 683 
Linear flow for reservoir rock, 36-37 
Liquid holdup 

167, 168 

(LNAPL), 941, 947 

for annular flow regime, 471, 

for bubbly flow regime, 481 
calculations, 435-436 
drift-flux model, 481 
pressure gradient for low and 

for slug flow regime, 478, 479 
for stratified flow regimes, 449, 

Liquified petroleum gas (LPG), 329 
Lithodensity tool (LDT), 166 
Lithology, log estimation, 117-118 
LNAPL. See Light nonaqueous 

phase liquids (LNAPL) 
Log-flush technique, 314 
Log-inject-log procedure, 313, 315, 

Log-log type-curve, 249 

473, 474-477, 478 

high, 470, 478 

452-455, 470, 478 

316, 318 

Logs 
cased hole, 116 

completion tools, 192-202 
gamma spectroscopy tools, 

production, 202-207 
pulsed neutron, 181-190 

190-192 

free gas in place, 209 
influences on 

mud relationships, 118-120 
temperature relationships, 

120-122 
initial gas in place, 209 
initial oil in place, 208-209 
mud cake effects, 146, 149 
openhole, 116 

density, 160- 161 

dielectric measurement tools, 

gamma ray, 157-158 
microresistivity tools, 151-157 
multiple-porosity, 164-167 
neutron, 162-163 
nuclear magnetic resonance, 

167-170 
resistivity tools, 127-151 
sonic, 158-160 
special, 179-181 
spontaneous potential, 122- 127 

170- 179 

parameters estimated from, 
116-118 

Lorenz coefficient, 284 
LPG. See Liquified petroleum gas 

LTR. See Late-time region (LTR) 
Lufkin Mark I1 pumping unit, 595 

(LPG) 

M 

McKetta and Wehe chart, 755-757 
McKinley, R. M., 224 
McLennan, J. D., 694 
Manometer, 203-206 
Martin, J. C., 52 
Martinelli parameter, 436 
Marx, J. W., 1009 
Material balance equations, 228 

to estimate residual oil saturation, 

for gas reservoirs, 231-233 
generalized, 234, 236-237 
graphical form, 232 
Muskat’s method, 993-994 
nomenclature, 230 
in oil or combination reservoirs, 

in reserve estimation, 257 
primary production, 992-997 

for solution-gas drive reservoirs 
with gas liberation, 238 
with liquid expansion, 237-238 

317 

233-234 

Tarner’s method, 996 
for waterflooding recovery, 301 

Matrix stimulation, 665, 696-697 
f h i d  volume requirements, 698 
in horizontal wells, 700 
matrix acidizing 

design, 698 
diversion in, 698-699 
evaluation of, 701-702, 703 
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Maximum allowable superficial 
velocity for separators, 714 

Mayerhofer, M. J., 671 
Mechanical draft tower 

coil shed, 886 
forced draft, 884 
induced draft, 886 

Mercury porosimeter, 90 
Methanol tracer, 310 
Meyer equation, 956 
Micellar/polymer flooding. See 

Micro spherically focused log 

Microannulus in cement, 200-201 
Microemulsion flooding. See 

Surfactant/polymer flooding 
Microlaterolog, 157 
Microresistivity tools 

Surfactant/polymer flooding 

(MSFL), 157 

disadvantage of, 155 
electrode arrangements, 154 
to identify permeable zones, 156 
interpretation, 157 
microinverse reading, 156-157 
micronormal reading, 157 
proximity log, 155-156 
theory, 151, 155-157 

Middle-time region (MTR), 220-222 
Milburn, J. D., 43 
Miller, M. A., 553 
Miller-Dyes-Hutchinson (MDH) plot, 

Minimum miscibility pressure, 

Minimum polished rod load 

Mishra, S., 546, 547, 549, 557 
MMP. See Minimum miscibility 

Mobility 

217 

324-325 

(MPRL), 632, 636 

pressure 

defined, 276 
oil, 277 
water, 277 

Mobility ratio, 276-277, 1004 
crossflow and, 289, 290 
displacement and sweep 

efficiency and, 320-321 
Moisture analyzers, 798 
Mole sieve towers, 798 
Molecular sieves as desiccants, 792 
Moment, height of structure and, 

Moore, E. J., 84, 85 
Morgan, W. B., 85 

964-965 

Morrow, N. R., 65 
Morse, R. A., 293 
MPRL. See Minimum polished rod 

load (MPRL) 
MSFL. See Micro spherically focused 

log (MSFL) 
MTR. See Middle-time region (MTR) 
Multifingered caliper logs, 201 
Multiphase flow, parameters, 

Multiple-porosity log, 164- 167 

Mungan, N., 84, 85 
Muskat, M., 20 

432-435 

correction for gas effect, 165 

material balance method, 240, 
257-258, 993-994 

N 

Nalco, gas pipeline inhibitors, 
934-935 

National Electrical Manufacturers 
Association (NEMA), electric 
motor classes, 615 

National Fire Protection Association 
(NFPA), compressor station 
regulations, 879-882 

National Petroleum Council (NPC), 
Enhanced Recovery report, 327 

Natural draft tower 
atmospheric spray, 886 
hyperbolic, 886 

Natural gamma spectroscopy, 191 
Natural gas 

compressibility of, equation for, 32 
defined, 251, 989-990 
dew point, 762 
economic value, 990 
physical properties, 365 
pressure temperature correlations, 

754-757 
produced water from, 956 
reserves, 252 
reservoirs, mechanisms and 

water content, 754-759 
recovery, 225 

measurement of, 759-762 
sour gases, 759 

Natural gas liquid (NGL), 251 
economic value, 990 
recovery plants, molecular sieve 

sales, 1016 
dehydrators for, 792 
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Natural gas pipelines 
corrosion in, 930-931 

inhibition of, 931-935 
types of, 931 

wet vs. dehydrated, 931 
Naturally occurring radioactive 

material (NORM) in produced 
water, 957-961 

prevention of, 961 
in scale form, 961 

Naumann, V. O., 76 
Near-critical oil, 374 
Net pay volume, 256 
Net present value (NPV) 

calculations, 695 
in fracture design, 676, 682-683 

Neuse, S. H., 258 
Neutron log 

interpretation, 163 
theory, 162-163 

Newman, G. H., 51-52 
Newton-Raphson iterative technique, 

NGL. See Natural gas liquid (NGL) 
Nielsen, R. F., 83 
Nierode, D. E., 691 
Nind, T. E. W., 555 
Nitrilotriacetic acid (NTA) as scale 

Nitrogen flooding, 324, 330 
Nitrogen, gas deviation factor, 649 
NMR. See Nuclear magnetic 

resonance (NMR) 
Nolte, K. G., 671, 680 

Nordgren, R. P., 686 

NPE, 327 

Nuclear magnetic resonance (NMR), 

369 

inhibitor, 912 

decline analysis, 668, 669 

NORM, 957-961 

NPV, 676, 682-683, 695 

167-170 
log modes, 168-169 
uses of, 169-170 

Nuclear magnetism log 
accuracy of, 317 
to estimate residual oil saturation, 

312-315, 318 

0 

Offshore production operations 
design and operation, 967 
environmental considerations, 966 

pollution prevention, 969-970 
flare system, 968 
geographical considerations, 966 
platform design, 965-966 
regulatory agencies, 970-971 
relief system, 968 
safety shut-down system, 968 
service safety system, 970 
technological history, 964 
transportation, 969 
utility systems, 967 
ventilation, 969 

Oil. See also Crude oil 
compressibility, 23-27 
displaced during coring, factors 

affecting, 91-92 
dissolved gas in, 3-4 

viscosity and gravity effects, 4 
formation volume factor, 15-20, 

28, 34 
heavy, 374 
physical properties, 365 
relative volume curve, 398, 400 
reservoirs, material balance, 

saturated, 3 
saturation changes during core 

superficial velocities, 435-436 
undersaturated, 3 
viscosity of dead, correlation for, 

Oil flow performance 
choke, 537, 541 
flowline, 541-544 
for incompressible fluids, 537 
inflow, 534-536 
possibility of changes in, 538 
tubing 

233-234 

recovery, 92 

31-32, 33 

performance, 537 
size and head pressure effects, 

539 
Oil in place (OIP), 992 
Oil recovery 

residual, from waterflooding, 

water-wet vs. oil-wet cores, 79-80 

for gas cap drive reservoirs, 243 
for gravity drainage reservoirs, 243 

301-318 

Oil saturation 

Oil zone, 225 
Oil-shrinkage curve, 399 
Oil/water ratio, inflow performance 

and, 643 
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OIP. See Oil in place (OIP) 
OOIP. See Original oil in place 

Oosterhout, J. C. D., 937 
Organometallic crosslinkers, 674 
Orifice meter, 800, 802-806 

(OOIP) 

flange tap 
expansion factors, 812-814, 

orifice factors, 809-811 
Reynolds number, 816-818 

gas flow calculations, 806-834 
expansion factor, 815 
flowing temperature factor, 

gage location factor, 829, 830 
gas relative density factor, 815 
manometer factor, 826-828 
orifice flow constant, 806 
pressure base factor, 815 
Reynolds number, 815, 

supercompressibility factor, 

temperature base factor, 815 
thermal expansion factor, 

822-823 

815 

816-818 

826 

828-829 

805-806, 807 
meter tube measurements, 803, 

pipe taps 
expansion factors, 824-825 
orifice factors, 819-821 

pressure tap locations, 803, 804 
uncertainty limits and field 

problems, 834-835 
Original oil in place (OOIP), 992, 

993 
estimating, 990-991 
risk analysis, 1030 

bubble flow, 506 
mist flow, 508 

transition flow, 508 

Orkiszewski method, 504-513 

Slug flow, 506-507 

Outer Continental Shelf Lands Act, 

Overbalance pressure, oil displaced 

Ownership, working vs. royalty 

Oxygen 

970 

by, 91, 305 

interests, 1017 

corrosion, 924, 931 
scavengers, 908-909, 924 

P 

Paccaloni, G., 703 
Panhandle equations, 556-557, 838, 

Parsons, R. L., 1008 
Partially hydrolyzed polyacrylamides 

Patnode, H. W., 55 
Pattern flooding, well placement, 

Pattern sweep efficiency. See Areal 

Pay thickness, log estimation, 117 
Peak polished road load (PPRL), 

631, 636 
Peffer, J. W., 553 
Peng-Robinson equation, 370, 419, 

420, 422 
Penn State steady-state method, 76, 81 
Perez-Rosales, C., 46 
Performance. See also Gas flow 

performance; Oil flow 
performance 

840-841 

(HPAM), 321, 322 

265-268 

sweep efficiency 

posttreatment, 688-690 
risk, 1028 
waterflooding 

monitoring, 293-300 
Drediction. 293 

Peripheral flooding, well placement, 
264 

Perkins, Kern, and Nordgren 
model, 669, 677, 678, 681, 684 

short-cut, 686 
Perkins, T. K., 684 
Permeability 

74, 75 

absolute, 36 
air, connate water saturation and, 

core analysis, 91 
crossflow and, 290 
effective 

vs. absolute, 76 
overburden effects, 74 

log estimation, 118 
micrologs, 156 
relative 

dynamic vs. static determination 
methods, 76-77 

empirical equations, 79 
fluid property effects, 79 
gas-oil, 38 
oil-water, 77-78 
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three-phase, 79 
wettability and, 80-83 

of reservoir rock, 36, 48 
effective, 72-76 
relative, 76-79 

reservoir stimulation and, 665 
resistivity logs, 151 
stratification 

crossflow and, 289 
quantitative extent of, 284-291 
vertical, 286 
waterflooding and, 284 

Permeability anisotropy, 700 
vertical-to-horizontal, 692, 694 

Petroleum economics. See also Cash 

controlled by baseline oil price, 

cost/benefit factors, 1013 
function of petroleum engineer 

market for petroleum, 1011-1012 

flow 

1012 

in, 1013 

inflationary effects, 1012 
price impact, 1012 

function, 1013 
Petroleum engineer, economic 

Petroleum products, classification 

Petroleum reservoir, definitions, 

Petrolite Corporation, gas pipeline 

Phase behavior 

Of, 989-990 

225 

inhibitors, 933-934 

multicomponent vs. pure 

in production tubing, 431 
reservoir conditions, 374-380 

component systems, 370-371 

Phasor Induction SFL, 134 
Phosphates as scale inhibitors, 

Phosphonates as scale inhibitors, 

Photoelectric absorption effect, 161 
Pipelines. See Crude oil pipelines; 

Pirson, S. J., 85 
Pits, production water, construction 

guidelines, 955-956 
Pitting, 892, 894 
PKN. See Perkins, Kern, and 

Platform. See Production platform, 

919-920 

913-914, 915, 920-921 

Natural gas pipelines 

Nordgren model 

offshore 

Poetman, F. H., 571 
Poisson’s ratio, in stress calculation, 

Polished rod horsepower (PRHP), 

Polyacrylates as scale inhibitors, 915 
Polymer flooding 

criteria for, 337 
description, 332-333 
injection rates, 338 
laboratory design, 342-343 
limitations and problems, 333 
mechanisms, 333 

crosslinked or gelled, 322 
in fracturing fluid, 673 
in-situ polymerization, 322 
poly mer-augmented 

666 

634, 636, 637-638 

Polymers 

waterflooding, 320-322 
Pore volume of reservoir rock, 

Porosity 
35-36 

absolute vs. effective, 35 
core analysis, 90-91 
formation resistivity factor and, 47 
irreducible water saturation and, 

log estimations, 116 
of reservoir rock, 35 

sonic travel time and, 159 

118 

formation factor and, 39, 41, 44 

Porter, C. R., 43 
Positive separation, 157 
Positive-displacement chemical 

PPRL. See Peak polished road load 

PR equation, 408 
Present value of future income, 

Pressure 

pumps, 927 

(PPRL) 

1021-1024 

buildup test, 216 
falloff test, 216 

Pressure core barrel, 307 
Pressure coring, 317-318 
Pressure decline analysis, 669-673 

Castillo’s time function, 669 
dimensionless resistance, 672 
to estimate fluid efficiency, 671 
Kelvin model, 672 
Nolte’s techniques, 669 
Perkins and Kern model, 669 
Voight model, 672 
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Pressure drawdown 
defined, 643 
reducing, 381 
test, 216 

Pressure gradient 
due to acceleration, 429 
for annular flow regime, 473 
for bubbly flow regime, 483 
in complete systems, 429 
correction for acceleration 

effects, 483-484 
due to elevation, 429 
frictional and gravitational, 470 
liquid gas/oil ratio and, 645 
for multiphase flow, 645 
in production systems, 427 
for slug flow regime, 478, 480 
for stratified flow regimes, 464, 

in tubing, 430 
two-phase flow, semiempirical 

due to viscous forces, 429 

470 

calculation methods, 488-533 

Pressure maintenance, 260 
Pressure transient tests 

concepts, 219-222 
definitions, 214-219 
equations, 222-223 
interference, 216-217 
multiple-rate, 216 
nomenclature, 223 
type-curves, 223-224 

Pressure traverse, 429 
Pressure-volume-temperature (PVT) 

analysis, 17, 992 
Pressurization/repressurization 

cycle, 668 
PRHP. See Polished rod horsepower 

(PRHP) 
Pr.ice/cost escalator, 989 
Primary oil recovery, 225-226. See 

also Secondary recovery 
empirical estimates, 227-228 

volumetric calculations, 242-243 
material balance equations, 

reserve estimation 
228-241 

material balance, 992-997 
volumetric methods, 990-992 

in solution gas drive reservoirs, 
228, 242-243 

predicting, 238-240 
statistical analysis, 226 

in water drive reservoirs, 243 

Prime mover factor (PMF), 614 
Prime mover for pumping units 

predicting, 240-241 

electric motors, 613 
horsepower, 637-638 
internal combustion engine, 612, 

selecting size of, 613-614 

disposal of, 955-956 
hydrocarbons in, 955 
from natural gas sites, 956 
NORMS in, 957-961 
solubility, 955-957 
total dissolved solid content, 

613 

Produced water 

954-955 
Product prices 

actual, 1014 
gas sales, 1014 
posted, 1014, 1016 
projection of, 1016 

curve analysis 
Production decline. See Decline 

Production logs 
flow behind casing, 203 
manometers and 

temperature, 203 
gradiomanometers, 203-206 

Production operations. See also 
Surface production systems 

corrosion and scaling, 889-939 

environmental impacts, 939-963 
equipment, radioactive 

contamination, 957-961 
offshore, 964-971 
possible system pressure losses, 427 
site remediation, 948-954 

Production performance analysis 
data evaluation, 1003-1004 
economic limit, 1000-1001 
for nonassociated gas reservoirs, 

Production platform, offshore, 964 

cost Of, 1017-1018 

997-1004 

design, 965 
environmental considerations, 966 
geographical considerations, 966 
multiple use of, 965 
operation and design, 967 
safety factors, 965-966 

Production stimulation, 1005 
secondary and enhanced oil 
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recovery, 1005-1008 
Productivity index 

estimating from subsurface data, 

inflow performance relationship, 

J, 563, 589 
pressure drawdown vs. flow rate, 

210 
in pump selection, 663 
straight line, 643 
vertical vs. horizontal well, 692 
for well performance, 534-535 

Proppants, 674, 676 
continuous addition, 680 
stairstep addition, 680-681 

Prouvost, L. P., 701 
Pseudoscale, 911, 913 
Pulse test, 217 
Pulsed neutron log 

570 

2 10-2 13 

applications, 187, 190 
to estimate residual oil saturation, 

interpretation, 182, 184-187 
presentation, 182 
theory, 181-182 

stroke length and plunger 
diameter and, 629 

Pump-in/flowback test, 668-669 
PVT. See Pressure-volume- 

312-314 

Pump displacement (PD), 615-616 

temperature (PVT) analysis 

Q 
Quimby, W, S., 936, 937 

R 

Radial diffusivity equation, 241 
Radial flow of reservoir rock, 37-38 
Radioactive contamination of 

production equipment, 957-961 
Radioactive tracers, 207-208 

contamination by, 959, 961 
corrections for tracer loss, 311 
to estimate residual oil, 309-311, 

reservoir heterogeneity factor, 31 1 
single-well technique 

318 

accuracy, 31 1 

field application, 3 11 
interpretation, 311 
procedure, 310 

theory, 309-310 

in produced water, 959 
removal, 961 

detection of, 959 
in drinking water, 957 
on wellsite, 958-959 

Radium 

Radon 

Raghavan, R., 564 
Rahme, H. D., 284 
Ramey, H. J., Jr., 27, 52, 53, 224 
Ransome, R. C., 57 
Rawlins, E. L., 545 
Raymer, L. L., 159 
Reciprocating compressor, 847 

adiabatic power requirement, 

calculations, 848-857 
vs. centrifugal compressor, 

compression cycle, 848-849 
compressor cylinder capacity, 

displacement of, 849-850 
intercooling effects, 853, 855, 858 
volumetric efficiency, 850 

851-852 

865-866 

850-851 

Recoverable oil (RO), solution gas 
vs. water drive reservoirs, 227 

Recovery. See also Enhanced oil 
recovery (EOR); Primary oil 
recovery; Secondary recovery 

improved, 251, 252 
tertiary, 260, 301 

waterflood, 277-279 

material balance, waterflooding, 

well test analyses 

economic factors, 317 
method comparison, 317-318 

Recovery estimation 

292-293, 301 

applicability, 304 
production data, 302-303 
transient tests, 303-304 

Recovery factor, 991 
Recycling of contaminants, 948 
Regeneration 

in glycol injection systems, 775, 782 
performance of regenerators, 

pressure swing adsorption, 798 
782-784, 797-798 
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Regulation 
of air and water, 873 
bacteristats and bactericides, 923 
of compressor stations, 875-882 
of offshore production 

pipelines, 872-873 
radionuclides, 958 

operations, 965, 966, 970-971 

Regulatory tax, 1018, 1019 
Relative-oil-volume curve in 

separator conditions, 388, 398 
Relief system in offshore 

operations, 968 
Remediation 

airstripping, 953 
landfarming, 949-951 
landspreading, 95 1-953 
physical treatment methods, 

948-949 
Repeat formation tester, 180 
Reserve estimation 

economic factors, 251-252 
gas in place, 256 
material balance, 257 

994-995 
in combination reservoirs, 

in gas cap reservoirs, 994 
general equation, 993-994 

methods of determining, 254 
analogy, 255 
volumetric, 255-256 

model studies, 257-258 
nonassociated gas reservoirs, 

997-1004 
oil in place, 256 
performance of similar 

properties, 1002 
primary production 

material balance method, 

volumetric methods, 990-992 
production decline curves, 258 
production performance 

approach, 997-1004 
production stimulation methods, 

quality of, 258-259 
uncertainty factor, 252 

classification of, 252-254, 986-987 
definitions, 249-252 
develoned. 254 

992-997 

1005- 10 1 1 

Reserves 

nonproducing, 254 
producing, 254 
proved, 252-253, 985 
vs. resources, 985 
status categories, 254 
undeveloped, 254 
unproved 

possible, 253-254 
probable, 253, 987 

Reservoir 
defined, 251 
engineering, 3 

Reservoir fluids 
depletion studies, 385, 390-393, 395 

constant volume, 382 
retrograde condensation, 394 

equilibrium cell determinations, 

equilibrium flash calculations, 

fluid viscosities 

384-385 

385-394, 395, 396 

gas, 7 
oil, 7-10, 11, 12 
water, 10, 12, 13, 14 

oil and gas, 7 
physical properties, 4 

estimating with programmable 
calculators and computers, 
27-35 

pressure-volume relations, 384, 385 
sample collection, 380-394 

shrinkage of, 92 
water, 7 
wellstream compositions, 384-385, 

388 

subsurface vs. surface, 381 

Reservoir rock 
compressibility of, 49-52 
multiple-f hid-containing 

capillary pressure, 68-72 
effective permeability, 72-76 
relative permeability, 76-79 
resistivity index, 53-58 
surface and interfacial tensions, 

total reservoir compressibility, 

wettability and contact angle, 

58-61 

52-53 

61, 63-68 
Reservoir stimulation, 664-665 

Reservoir volume factor. See 
fracturing, 665-696 

econo& factors, 987, 1014 Formation volume factor 
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Residual oil saturation 
coring and core testing, 304-309 
estimation methods 

existing wells, 318 
new wells, 319 

geophysical well logging 
techniques, 312-3 17 

material balance equations, 301 
tracer tests, 309-311 
well test analyses, 302-303 

applicability, 304 
transient tests, 303-304 

Resistivity 
mud, temperature and, 120-121 
of reservoir rock, 38-39 

containing multiple fluids, 53-58 
variables affecting, 46 
water saturation effects, 54-58 

of saline solutions, 40 
saturation effects, 83, 84-86 

affected by drilling mud, 118-120 
correction charts, 135-146, 

147-150 
electrode arrangement, 132- 133 
focused, 134-135 
to identify permeable zones, 151 
induction, 134 
interpretation, 146-151 
nonfocused, 130, 134 
phasor induction, 134, 146 
purpose of, 127-128 
service company nomenclature, 

types of, 128-129 

discovered vs. undiscovered, 987 
vs. reserves, 987 

for drag coefficient, 708 
for orifice meters, 815, 816-818 

Resistivity tools 

131-132 

Resaurces 

Reynolds number 

Rice, R. R., 76 
Risk analysis, 1027-1028 

defining range of values, 1028 
defining risk, 1028 
evaluation method 

expected value theory, 1030 
Monte Carlo analysis, 1029- 

1030 
selecting, 1029 
sensitivity analysis, 1029 

measurement of risk, 1028-1029 
RO, 227 

Roads, hydrocarbon/soil mixtures 
as base for, 940 

Robinson correlation, 33 
Rod pump, downhole components, 596 
Rose, W. R., 70 
Rozelle, W. O., 77 
Rust, C. F., 85 

S 

Safety factors in offshore 
production, 965-966 

measurement of risk 
service safety system, 970 
shut-down system, 968 

accumulation in sucker rod 
pumps, 612 

as a proppant, 676 

acidizing, 696, 698 
formation resistivity factor, 46 

Sand 

Sandstone 

SAR, 952 
Saturation. See also Fluid saturation; 

Oil saturation; Water saturation 
capillary pressure and, 70 
changes during core recovery, 92 
effect of gas/liquid ratio on, 387 
effect on resistivity factors, 83, 

irreducible, 70 
gas, 78-79 
water, 77, 91 

84-86 

pressure, 3 
residual oil, 70, 91 
resistivity and, 54-58 
waterflood residual oil, 78 

emulsification tendency, 9 13 
squeeze treatment, 914-915 
in waterflooding operations, 

Scale inhibitors, 924 

912-920 
concentrations, 913 
disadvantages of, 9 13 

Scaling 
radioactive, 961 
in sucker rod pumps, 612 
supersaturation and, 91 1-912 
in waterflooding operations, 

910-920 
causes of, 911 
regions of occurrence, 910 
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SCC. See Stress corrosion cracking 
Schellhardt, M. A., 545 
Schilthuis, R. J., material balance 

equation, 233, 238-239, 257 
Schlumberger, Ltd., 184, 202 

electromagnetic propagation tool, 

induction tool, 134 
permeability estimation chart, 

171 

118, 120 
Schmalz, J. P., 284 
Scrubber, 702 

vertical inlet, 778-779, 789 
Secondary recovery, 1005-1008 

definitions, 259-260 
gas injection, 260-262 
injection well placement, 263-268 
pressure maintenance, 260 
saturation distribution and, 272 
water injection, 262 
well spacing, 262-263 

Securities and Exchange 
Commission (SEC), definition 
of reserves, 987 

Semilog plots, 248-249 
Semisubmersible, 964 
Separation 

gas-oil-water, 722-731 
momentum for bulk, 706 
two-stage, 731-733 

equilibrium cell determinations, 

hydrocarbon analysis, 383 

equilibrium cell determinations, 

hydrocarbon analysis, 383 

Separator gas 

384-385 

Separator liquid 

384-385 

Separator sampling, 381 
Separators, 702 

collection efficiency, as function 
of pressure drop, 720-721 

design and construction 
horizontal, 709, 711, 716-720 
spherical, 71 1 
vertical, 709, '710-716 

filter, 704 
gas capacity constraint, 716, 

impingement type-mist-extraction 
elements, 720, 722 

with knitted wire mesh extractors, 
72 1 

717-718, 719 

liquid capacity constraint, 718, 

liquid-liquid, 704 
low-pressure flash, 732, 733 
metal used in, 721 
retention time, 724 
stem, 722 
three-phase, 704, 724-731 
twephase, retention time, 714-715, 

vane type mist extractor, 720 
vessel carryover problems, 722 
vessel internals, 720-722 

719-720 

718, 720 

Severance tax, 1018 
Sherwood-Holloway equation, 954, 

Showalter, E., 613 
Shrinkage curve, 388 
Shut-in period, 381 
Sidewell neutron tools (CNL), 163 
Signal-to-noise ratio (STNR), 168 
Silicon chip hygrometer, 761, 762 
Silicon-calcium ratio, 190, 192 
Simpson's rule, 256 
Simulators 

955 

black oil, 431 
classification of, 258 

Skin effect, 212, 218-219, 221-222, 
223 

damage-induced, 696 
evolution of, 703 
due to flow impairment around 

wellbore, 696 
reservoir stimulation and, 665 
total, 696 

Slider, H. C., 79, 237, 248, 1003 
Slimeforming microorganisms, 

Slug catcher, 704 
Slug-bubbly transition, 45 1 
Slurry phase bioreactor, 951 
Smith, C. R., 269 
Smith, R. V., 550, 553 
SNP. See Sidewell neutron tools (CNL) 
Soave equation, 369-370, 408, 419 
Society of Petroleum Engineers (SPE), 

definition of reserves, 987 
Sodium activity ratio (SAR), in 

landspreading operations, 952 
Sodium sulfite as oxygen scavenger, 

908 
Soil contamination by hydrocarbons, 

920-921 

940-941 
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conductivity of liquid 

saturation level and type of, 

Solution gas drive reservoir, 226 

with gas liberation, 238 
with liquid expansion, 237-238 

oil recovery, 227, 228 
predicting, 238-240 

reserve estimation, 994 

hydrocarbons, 946 

946-947 

material balance 

Solution gas-oil ratio, 4, 19-20 
Solvent extraction method, 93 
Sonic flow, 554-555 

Sonic log 
upstream pressure effect, 555 

interpretation, 158-160 
theory, 158 
travel-time to porosity transform, 

159-160 
SP log. See Spontaneous Potential 

Spangler, M. B., 56 
Spencer, G. B., 50 
Spills 

log 

bacterial degraders, 949 
containment of, 939-940 
evaporation from pore space, 945 
offshore, 969-970 
results of, onsite and laboratory 

treated as exempt waste, 940 
study, 945-947 

Sponge coring, 307, 317-318 
Spontaneous Potential log 

electrochemical component, 

electrokinetic component, 123-124 
interpretation, 125-127 
liquid-junction potential, 124- 125 
membrane potential, 125 
theory, 123-125 
uses, 122-123, 126 

124-125 

Spurt loss, 305 
SRK equation. See Soave equation 
SSC. See Sulfide stress cracking 
Standing, M. B., 4 

correlation for estimating 
formation volume factor, 19, 
27, 31-33 

564-567 
IPR curve modification, 212-213, 

Stanley, M.E., 937 
Starling modification, 421-422 

Steamflooding, 326-327 
Buckley-Leverett approach, 

criteria for, 338-339 
description, 335 
estimating steam drive 

limitations and problems, 336 
mechanisms, 336 

1010 

performance, 1009- 10 10 

Steward, M., 747 
Stewart, F. M., 77 
Stiles recovery method, 293, 

Stimulation. See Matrix stimulation; 

STNR. See Signal-to-noise ratio (STNR) 
Stokes law, 726 
Storage effect, 221-222 
Storage tanks 

classification, 705 
corrosion in 

1008 

Reservoir stimulation 

field results, 936 
inhibition program, 936-939 
vapor space, 935 

Streamtube model, 289, 293 
Stress 

absolute, 666 
effective, 666 
effective vertical, 666 
horizontal, 666 

effective minimum, 666 
maximum, 666, 695 
minimum, 668, 695 

intensity factor, 686-687 
principal direction, 667 
in sucker rods, 600, 602, 605-607 

Stress corrosion cracking, 891 
Stripping towers, design of, 953-954 
Strontium sulfate scale, control of, 

Subsonic flow, 554-555 
Subsurface geological contour map, 

Sucker rod pumping 

913-914 

255 

beam pumping unit 
casing size, 619 
expected fluid production, 

performance computation 

setting depth, 619 
tubing anchor, 619 

design data, 619-625 

615-619 

procedures, 914-915 
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Sucker rod puinping (continued) 
API RPIL calculations, 625-631 
peak torque, 633, 635, 637 
plunger diameter, 620 
prime mover horsepower, 

pumping speed, 620 
rod stress, 636 
string selection, 623-625 
stroke length, 621, 637 
structural capacity, 637 
testing, 631, 634-638 

637-638 

fluid pound condition, 61 1-612, 

gas pound, 612, 640 
primer movers 

639 

electric-motor types, 613 
internal combustion engines, 613 
selecting size of, 613-614 

dynamometer tests, 638-641 
operating characteristics, 

operation, 594-595 
system components, 594 
types and specifications, 595-598 
well pumping off, 612, 640 

API designations, 607-609 
obtaining optimum 

performance, 610 
problems and solutions, 610-612 
rod, 610 
tubing, 609-610 

sand accumulation, 6 12 
scale formation, 612 
sucker rods 

pumping units 

630-631 

Pumps 

allowable stress, 600, 602, 

API selection, 600 
determining percent of rod 

size, 625 
dimensions and tolerances, 601 
reinforced plastic, 600, 604 
steel, 605 
types, sizes, and grades, 599-600 

605-607 

Sulfide stress cracking, 891 

Sulfur dioxide as oxygen scavenger, 

Supersaturation, 91 1-912 
Surface production systems 

in sucker rods, 600 

908 

crude oil treating systems, 733-754 

gas-oil-water separation, 722-731 
gravity setting, 706, 708-709 
momentum, 706 
phase separation, 705-709 
purpose of, 702 
separating vessels 

design and construction, 

nomenclature, 702-705 
storage classification, 705 
two-stage separation, 731-733 
vessel internals, 720-722 

of reservoir rock, 58-61 
between water and natural gas, 

709-720 

Surface tension 

57, 59 

design, 343 

criteria for, 337 
description, 332 
mechanisms, 332 
problems and limitations, 332 

Surfactant flooding, laboratory 

Surfactant/polymer flooding, 323 

Surge tank, 779 
Sweeny, S. A., 83, 85 

T 

Taber, J. J., 323 
Tankship corrosion 

flotation inhibitors, 937-938 
inhibition program, 938-939 
oil-soluble inhibitors, 936-937 
vapor-space, 937 

Tapered rods, 624, 625 
Tarner material balance method, 

Taxes, production, 1018-1019 
TBP, 413 
TDH, 663 
TDS, 954-955 
TEG, 778 
Temperature log, 203, 205, 206 
Terzaghi’s criterion, for fracture 

initiation pressure, 667 
Texas-Louisiana Gulf Coast logs, 43 
Theis equation, 962 
Timmerman, E. H., 239 
Timur, A., 43 

239, 257-258, 994 

chart for permeability estimation, 
118, 119 

Tornado Charts, 141-146 
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Total dissolved solids (TDS), 954-955 
Total dynamic head (TDH), 663 
T method, 175-177 
Tf’R. See Tubing performance 

relationship 
Transition zone, 70, 72 
Transmissibility of reservoir rock, 38 
Treater 

emulsion, 736 
gunbarrel, 737-738 
horizontal, 738 

sizing, 746 
oil-water interface control, 738 
vertical, 736 

Triethylene glycol 
as a desiccant, 778 
minimum lean concentration, 778 

Trube’s correlation, 22, 23, 25, 26 
True boiling point, partial vs. 

complete analysis, 413 
Tubing anchor for beam pumping 

unit, 619 
Tubing p e r b m c e  relationship (TPR) 

gas, 551-354 
oil, 537, 542 
two-phase, 568-571 

flowing pressure gradients, 568, 

multiphase flow equation, 568 
predicting flowing life, 570-571 
vertical pressure gradients, 570 
water content, 570 
wellhead pressure, 570 

Tubing pump, downhole 
components, 596 

Tubing-operated valve 
mechanics, 647, 649 
in well unloading process, 653, 

572-584 

654-656 
Turbidimeter, 950 
Turbulent factor, 536 
Type-curve analysis, 303 

in pressure transient tests, 223-224 
production, 248-249, 1003 

U 

U.S. Army Corps of Engineers, 
regulation of offshore 
operations, 970 

test, 65 
U.S. Bureau of Mines wettability 

U.S. Coast Guard, regulation of 
offshore operations, 970 

U.S. Department of Energy, 
definition of reserves, 987 

U.S. Department of Transportation 
(DOT), pipeline regulations, 
872-873 

U.S. Environmental Protection 
Agency (EPA), clean air and 
water regulations, 873 

U.S. Geological Survey, Minerals 
Division, regulation of offshore 
operations, 970 

UHF sondes, 171 
Underground Injection Control 

Program (UIC), 961 
criteria and standards, 962-963 
permitting process, 963 

water (USDW), 962 
Underground source of drinking 

V 

Vacuum distillation method, 92-93 
Valuation of oil and gas properties 

profitability of, 1024-1027 
purpose of, 1024 
risk analysis, 1027-1030 

Valve spread, 6481508 
Van der Knapp, W., 50 
Van Everdingen, A. F., 241 
Vapor-liquid equilibrium 

calculations, 394, 400-408 
bubble point/dew point, 405-406 
vs. calculated phase compositions, 

dew point, 401, 402-403 
by equations of state, 413, 416, 

406 

418-426 
to determine physical 

objectives of, 422 
solutions for cubic, 422-426 

properties, 431 

flash, 403-408 
Vasquez empirical correlation, 

Velocity 
33-35 

fluid, 207 
in separation process, 722 

Vertical sweep efficiency, 284 
vs. areal sweep efficiency, 283 

VHF sondes, 171 
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Viscosity 
of crude oil, 7-10, 11, 12 

effect of pressure on, 7 
temperature and, 7 
undersaturated, 35 

correlation for, 31-32, 33 
of dead oil, 7 

of fracturing fluids, 673 
of gas, correlations for, 31 
of water, 10, 12, 13, 14 

correlation for, 29-30 
salinity and, 12 

Viscous fingering, 275-276, 330 
Vogel, J. V., 210-213 

inflow performance equation, 
212, 561, 567, 587, 617, 644 

Volatile oil. See Near-critical oil 
Volumetric efficiency of sucker rod 

Volumetric reservoir, 225 
Volumetric sweep efficiency, 279-280 

pumps, 617 

estimates of, 289, 291, 292 

W 

Water. See also Produced water 
compressibility, 27 
content of natural gas, 754-762 
formation volume factor, 20, 21 
superficial velocities, 435-436 
surface tension, 58 
viscosity of, 10, 12, 13, 14 

correlation for, 29-30 
Water drive reservoir 

recoverable oil, 227 
predicting primary recovery, 

240-241 
reserve estimation, 990 

calculating, 147-148, 151 
irreducible, 77, 91 

log estimations, 116-117 

Water saturation 

porosity and, 118 

Water table, hydrocarbon 
contamination of, 941-943 

Waterflooding, 260, 1007-1008 
areal sweep efficiency, 281-284 
corrosion problems, 906-923 

inhibition of, 923-924 
microbiological, 920-923 
water quality factor, 907-908 

crossflow effects, 289 

displacement mechanisms, 

displacement sweep efficiency, 279 
frontal advance method, 

inhibitors used in, 909-910 
injectivity and injectivity index, 

Johnson graphical approach, 1008 
mobility ratio, 276-277 
monitoring performance, 293-299 
parameters, 300 
performance prediction methods, 

polymer-augmented, 320-322, 

production curves, 299-300 
recovery efficiency, 277-279 
residual oil recovery 

269-275 

1007-1008 

2 9 3 - 2 9 9 

293 

332-333 

coring and core testing, 304-309 
corrections for shrinkage and 

bleeding. 305-307 
0, 

geophysical well logging, 
312-317 

material balance, 292-293, 301 
method comparison, 317-318 
tracer tests, 309-311 
well test analyses, 302-304 

scaling and scale inhibitors, 

Stiles method, 1008 
viscous fingering, 275-276 
volumetric sweep efficiency, 

910-920 

279-280, 289, 291, 292 
Water-holdup meter, 206 
Water-oil ratio, 286 

corrosion and, 889 
vs. oil recovery, 286-287 

graphical technique, 272-275, 277 
Welge, H. J., 76 

Well coring. See Coring 
Wellbore storage, 219, 222 
Wellhead pressure, 429 
Wellhead tax, 1018-1019 
We ttability 

changes during handling and 

effect of mud additives on, 66-67 
effect on fluid-rock properties 

capillary pressure, 83 
oil recovery and fluid 

saturation, 79-80 
relative permeability, 80-83 

storage, 67 
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resistivity factors and saturation 
exponents, 83, 84-86 

fractional, 65 
preventing changes in, 89 
quantitative indication, 64-65 
of reservoir rock, 61 

distribution by lithology, 65 
role in crude oil recovery, 63-68 

residual oil determination and, 309 
speckled, 66 
spotted or Dalmatian, 65 

Weymouth equation, 838, 839-840, 
844, 846, 847 

Whiteley, B. W., 650 
Willman, B. T., 1010 
Windfall profit tax, 1018, 1019 

WOR. See Water-oil ratio 
Wormholes, 698 
Wyckoff, R. D., 76 
Wyllie, M. R. J., 42, 55, 56, 79 

porosity equation, 159, 160, 162 

X 

Xanthan gum, 321 

Y 

Young's equation for wetting 
tension, 63 
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