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1.1. INTRODUCTION

The world’s energy consumption has increased steadily since the 1950s. As
shown in Figure 1-1, the fossil fuels (oil, natural gas, and coal) still amount to
80% of the world’s energy consumption even though a considerable number
of initiatives and inventions in the area of renewable energy resources have

Subsea Engineering Handbook © 2010 Elsevier Inc.
ISBN 978-1-85617-689-7, doi:10.1016/B978-1-85617-689-7.10001-9 All rights reserved. 3
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Figure 1-1 Coal, Oil, and Natural Gas Consumption [1]

decreased their use. The rapid rises in crude oil prices during the late 2000s
is a response to increasing demand for oil and gas. Of the fossil fuels
consumed, almost 80% are oil and gas; therefore, the production of oil and
gas is of major importance to the stability of the world’s energy supply.

The offshore oil and gas industry started in 1947 when Kerr-McGee
completed the first successful offshore well in the Gulf of Mexico (GoM) off
Louisiana in 15 ft (4.6 m) of water [2]. The concept of subsea field
development was suggested in the early 1970s by placing wellhead and
production equipment on the seabed with some or all components
encapsulated in a sealed chamber [3]. The hydrocarbon produced would
then flow from the well to a nearby processing facility, either on land or on
an existing offshore platform. This concept was the start of subsea engi-
neering, and systems that have a well and associated equipment below the
water surface are referred as subsea production systems. Figure 1-2 shows the
number of shallow and deepwater subsea completions in the GoM from
1955 to 2005. Subsea completions in less than 1,000 ft (305 m) water depths
are considered to be shallow-water completions, whereas those at depths
greater than 1,000 ft (305 m) are considered to be deepwater completions.
In the past 40 years, subsea systems have advanced from shallow-water,
manually operated systems into systems capable of operating via remote
control at water depths of up to 3,000 meters (10,000 ft).

With the depletion of onshore and offshore shallow-water reserves, the
exploration and production of oil in deep water has become a challenge to
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Figure 1-2 Number of Shallow and Deepwater Subsea Completions Each Year from
1955 to 2005 [4]

the offshore industry. Offshore exploration and production of oil and gas are
advancing into deeper waters at an increasing pace. Figure 1-3 shows the
maximum water depth of subsea completions installed each year in the
GoM. Figure 1-4 illustrates offshore oil production trends in the GoM from
shallow and deep water. Offshore oil production from deep water has
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Figure 1-3 Maximum Water Depth of Subsea Completions Installed Each Year from
1955 to 2005 [4]



6 Y. Bai and Q. Ba

1800
1600
1400
1200
1000
800
600
400
200

O Deep
M Shallow

MMBOE/Yr

N o=
& 8
- N

1947
1953
™ 1959
1965
1971
1977
1983
1989
2007
2013

Figure 1-4 Offshore Oil Production in GoM [5]

increased sharply since 1995, starting at approximately 20 million barrels of
oil equivalent (MMBOE) per year from deep water.

The subsea technology used for offshore oil and gas production is
a highly specialized field of application that places particular demands on
engineering. The subsea production system carries some unique aspects
related to the inaccessibility of the installation and its operation and servicing.
These special aspects make subsea production a specific engineering disci-
pline. This book will discuss the topics of subsea engineering in four parts:

Part 1: Subsea Production Systems

Part 2: Flow Assurance and System Engineering

Part 3: Subsea Structures and Equipment

Part 4: Subsea Umbilicals, Risers, and Pipelines.

1.2. SUBSEA PRODUCTION SYSTEMS

A subsea production system consists of a subsea completed well, seabed
wellhead, subsea production tree, subsea tie-in to flowline system, and
subsea equipment and control facilities to operate the well. It can range in
complexity from a single satellite well with a flowline linked to a fixed
platform, FPSO (Floating Production, Storage and Offloading), or onshore
facilities, to several wells on a template or clustered around a manifold that
transfer to a fixed or floating facility or directly to onshore facilities.

As the oil and gas fields move further offshore into deeper water and
deeper geological formations in the quest for reserves, the technology of
drilling and production has advanced dramatically. Conventional techniques
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Figure 1-5 All Segments of a Subsea Production System [6]

restrict the reservoir characteristics and reserves that can be economically
exploited in the deep waters now being explored. The latest subsea tech-
nologies have been proven and formed into an engineering system, namely,
the subsea production system, which is associated with the overall process
and all the equipment involved in drilling, field development, and field
operation, as shown in Figure 1-5. The subsea production system consists of
the following components:
* Subsea drilling systems;
* Subsea Christmas trees and wellhead systems;
*  Unmbilical and riser systems;
* Subsea manifolds and jumper systems;
* Tie-in and flowline systems;
» Control systems;
* Subsea installation.
Figure 1-6 illustrates the detailed relationship among the major components
of a subsea production system.

Most components of the subsea production system will be described in
the chapters in Part 1, while the components of subsea structures and subsea
equipment will be the focus of other parts of this book.

1.2.1. Field Architecture

Subsea production systems are generally arranged as shown in Figure 1-7.
Some subsea production systems are used to extend existing platforms. For
example, the geometry and depth of a reservoir may be such that a small
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section cannot be reached easily from the platform using conventional
directional drilling techniques or horizontal wells. Based on the location
of the tree installation, a subsea system can be categorized as a dry tree
production system or a wet tree production system. Water depth can also
impact subsea field development. For the shallower water depths, limitations
on subsea development can result from the height of the subsea structures.
Christmas trees and other structures cannot be installed in water depths of
less than 30 m (100 ft). For subsea development in water depths less than
30 m (100 ft), jacket platforms consisting of dry trees can be used.

The goal of subsea field development is to safely maximize economic
gain using the most reliable, safe, and cost-effective solution available at the
time. Even though wet well systems are still relatively expensive, their
attraction in reducing overall capital expenditures has already been made
clear. Subsea tie-backs are becoming popular in the development of new oil
and gas reserves in the 21st century. With larger oil and gas discoveries
becoming less common, attention has turned to previously untapped, less
economically viable discoveries.

In subsea field development, the following issues should be considered:
*  Deepwater or shallow-water development;

*  Dry tree or wet tree;

* Stand alone or tie-back development;

* Hydraulic and chemical units;

* Subsea processing;

e Artificial lift methods;

* Facility configurations (i.e., template, well cluster, satellite wells,
manifolds).

The advantages, disadvantages, and limitations of the above issues will be

described in the relevant sections of Chapter 2, which covers field

architecture.

1.2.2. Distribution Systems

The subsea system is associated with the overall process and all equipment
involved in the arrangement. It is designed in such a way that safety, envi-
ronment protection, and flow assurance and reliability are taken into
consideration for all subsea oil and gas exploitation. Subsea distribution
systems consist of a group of products that provide communication between
subsea controls and topside controls for all equipment via an umbilical
system.
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Subsea distribution systems may include, but not be limited to, the
following major components [8]:
* Topside umbilical termination assembly (TUTA);
* Subsea accumulator module (SAM);
* Subsea umbilical termination assembly (SUTA), which includes:
*  Unmbilical termination head (UTH);
* Hydraulic distribution manifold/module (HDM);
*  Electric distribution manifold/module (EDM);
*  Flying leads.
*  Subsea distribution assembly (SDA);
* Hydraulic flying leads (HFLs);
* Electric flying leads (EFLs);
*  Multiple quick connector (MQC);
* Hydraulic coupler;
¢ Electrical connector;
* Logic caps.
The advantages, disadvantages, and limitations of the above components
will be described in the relevant sections of the chapter on subsea
distribution systems, Chapter 3.

1.2.3. Subsea Surveys

The subsea survey for positioning and soil investigation is one of the main
activities for subsea field development. As part of the planned field devel-
opment, a detailed geophysical and geotechnical field development survey
together with soil investigation is performed. The purpose of the survey is to
identify the potential man-made hazards, natural hazards, and engineering
constraints of a proposed subsea field area and pipeline construction; to
assess the potential impact on biological communities; and to determine the
seabed and sub-bottom conditions. In Chapter 4, the following issues
related to subsea surveys are discussed:

* Establishing vertical route profiles, a contour plan, and the seabed’s
teatures, particularly any rock outcrops or reefs;

* Obtaining accurate bathymetry, locating all obstructions, and identi-
fying other seabed factors that may affect the development of the
selected subsea field area including laying, spanning, and stability of the
pipeline;

* Carrying out a geophysical survey of the selected subsea field and route
to define the shallow sub-seabed geology;
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» Carrying out geotechnical sampling and laboratory testing in order to
evaluate precisely the nature and mechanical properties of soils at the
selected subsea field area and along the onshore and offshore pipelines
and platform locations;

* Locating existing subsea equipment (e.g., manifold, jumper, and subsea
tree), pipelines, and cables, both operational and redundant, within the
survey corridor;

* Determining the type of subsea foundation design that is normally used
for subsea field development.

1.2.4. Installation and Vessels

The development of subsea production systems requires specialized subsea
equipment. The deployment of such equipment requires specialized and
expensive vessels, which need to be equipped with diving equipment for
relatively shallow equipment work, and robotic equipment for deeper water
depths. Subsea installation refers to the installation of subsea equipment and
structures in an offshore environment for the subsea production system.
Installation in an offshore environment is a dangerous activity, and heavy
lifting 1s avoided as much as possible. This is achieved fully by subsea
equipment and structures that are transmitted to the installation site by
installation vessels.

Subsea installation can be divided into two parts: installation of subsea
equipment and installation of subsea pipelines and subsea risers. Installation
of subsea equipment such as trees and templates can be done by a conven-
tional floating drilling rig, whereas subsea pipelines and subsea risers are
installed by an installation barge using S-lay, J-lay, or reel lay. The objective
of Chapter 5 is to review existing vessels used for the installation of subsea
equipment such as trees, manifolds, flowlines, and umbilicals. This includes
special vessels that can run the trees and rigless installation. Subsea equip-
ment to be installed is categorized based on weight, shapes (volume versus
line type), dimensions, and water depth (deep versus shallow).

1.2.5. Cost Estimation

When considering a subsea system as a development option for a specific
reservoir and number of wells required, the subsea cost is relatively flat with
increasing water depth. For the rigid platform case, however, costs increase
rapidly with water depth. Therefore, deeper water tends to favor the use of
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subsea systems. Conversely, for a given water depth and location, platform
costs are less sensitive to an increasing number of wells; well drilling from
a platform is relatively inexpensive, and the platform structure cost is gov-
erned more by water depth, process requirements, and environment. The
use of mobile drilling units for subsea wells increases drilling costs.
Therefore, situations where a relatively small number of wells are needed
favor the use of a subsea system.

Subsea costs refer to the cost of the whole subsea project and generally
include capital expenditures (CAPEX) and operating expenditures
(OPEX). CAPEX is the total amount of investment necessary to put
a project into operation and includes the cost of initial design, engineering,
construction, and installation. OPEX is the expenses incurred during the
normal operation of a facility, or component after the installation, including
labor, material, utilities, and other related expenses. OPEX contains
operational costs, maintenance costs, testing costs, and other related costs.
Chapter 6 covers cost estimates in detail.

1.2.6. Subsea Control

The subsea production control system is defined as the control system
operating a subsea production system during production operations
according to ISO 13628-6 [9]. The subsea control system is the heart of
any subsea production system, and it is a relatively low-cost item compared
to the cost of drilling, line pipe, installation, etc. Therefore, control systems
are usually low on the list of initial project priorities. However, ignoring
the complexity, the number of components and interfaces can lead to
problems with installation and commissioning and to long-term reliability
issues.

In the chapter on subsea control, Chapter 7, the principles and char-
acteristics of subsea production control systems are explained and the
advantages, disadvantages, and limitations are compared. The government
regulations, industry codes, recommended practices, and environmental
specifications that apply to subsea control systems are detailed.

1.2.7. Subsea Power Supply

Power supply is a key factor in subsea processing. The subsea power supply is
an important component in the systems necessary for processing the well
stream at the seabed close to the wells. Not having the power supply system
in place can stop the development of subsea processing.
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Chapter 8 focuses on the following three main areas:
* Electrical power unit (EPU);
e Uninterruptible power supply (UPS);
* Hydraulic power unit (HPU).
The power supply system’s components and technologies are also described
in Chapter 8.

1.2.8. Project Execution and Interfaces

The success of any project depends significantly on project execution.
Project execution will allow for timely corrective action or redirection of
the project. Once the project execution plan has been defined, a formal
process of regular reports and reviews is required. Project execution is
relevant at all stages of a project but the issues become more intense and
complex as activities increase in number, diversity, and geographical spread.
The project manager must set the expectation that the project management
team understand its project execution system and the quality of data avail-
able. Project execution does not have its own momentum and it is, there-
fore, critical that it be proactively driven by the project manager.

The subject of Chapter 9 is to provide a clear understanding of the
requirements for subsea project execution and interfaces with the accu-
mulated knowledge and experience of project managers to guide all
involved parties in managing project activities. Additionally, this chapter
addresses the challenges of creating seamless interfaces and establishes the
methodology and tools for identifying interface issues between the various
functional groups.

1.3. FLOW ASSURANCE AND SYSTEM ENGINEERING

System engineering discipline activities are broadly classified into three
primary service areas:

* Production system design;

* System integration;

* Equipment application and development.

Figure 1-8 shows the details of these three service areas.

1.3.1. Subsea Operations

After the production system has been installed, numerous operations are in
place to ensure safe and pollution-free operations and support the continued
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flow of hydrocarbons. The following are typical of postinstallation
operations:

¢ Commissioning and start-up (start-up could be “cold” or “hot”);

* Normal operations;

* Production processing;

* Chemical injection;

* Routine testing;

* Maintenance and repairs (remotely operated vehicle [ROV], routine
surface);

*  Emergency shutdown;

* Securing facilities (e.g., from extreme weather events);

* Intervention.

In many cases the technology and techniques applied to support
production activities in deepwater are similar in scope to developments in
shallow water. Deep water does add a level of complexity to the project,
particularly subsea developments, since the facilities may be located remote
from the control (host) facility and not readily accessible. For example,
a workover may require a dedicated riser and control system, as well as
a deepwater capable rig and all of the support that comes with the drilling
unit or even a specialized intervention vessel. A significant amount of work
is necessary for proper planning, simulations (steady-state and transient),
design, testing, and system integration before the deepwater development
moves forward.

1.3.2. Commissioning and Start-Up

Operations typically begin with systems integration testing (SIT) at a shore
base or vendor or manufacturer’s facility. Particularly for subsea projects,
the remote tools installation that will be used to make connections (for
example, ROV) will perform tests that simulate the actual installation.
Mobilization to and the start-up of installation at the offshore location can
involve a large number of vessels, including the drilling unit, support
boats, derrick barge, transport barges and tugs, pipelay vessels, ROVs, and
divers.

Production from the well at this point will include completion fluids
and reservoir fluids. These may be flared/burned, treated, and discharged
overboard, or transported to shore for disposal at an approved location.
The cleanup phase of bringing a well/field on line typically last 2 to
5 days.
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1.3.3. Production Processing

Production processing equipment is generally the same for the both shallow
and deepwater developments. The production system may involve several
separators, a series of safety valves, treaters, compressors, pumps, and asso-
ciated piping. For deepwater facilities, the production system may be
designed to process higher rates of flow. These could include production
from multiple developments commingled at a common host facility.

The main surface production processing system components might
involve crude oil separation, water injection equipment, gas compression,
chemical injection, control systems for subsea production equipment, and
associated piping. The processing system varies little from other develop-
ment concepts (for example, a fixed platform serving as a host for subsea
development). One area that does difter is the need to account for vessel
motion that can be induced by environmental forces on these floating
production facilities. In these conditions, production separators require
specialized designs.

1.3.4. Chemicals Injection

Fluid problems in deepwater are critical issues (such as colder seabed
temperatures, produced water, condensates, paraffin, and asphaltene contents
in the oil) that can compromise the viability of a development project. To
remedy that concern, chemicals are being increasingly relied on for
production assurance. The use of chemicals in offshore oil production
processes is not a new approach. Some of the chemicals used are corrosion
inhibitors, workover/packer fluids (weighted clear fluids, bromides, chlo-
rides, etc.), hydrate and paraffin inhibitors, defoamers, solvents (soaps, acids),
glycol, and diesel. These chemicals are typically used for batch treatments,
small-volume continuous injections, and remedial treatments such as
workover operations. Material safety data sheets are required for all chemicals
used offshore.

Corrosion inhibitors are used to protect carbon-steel components of the
production systems that are wetted by the produced fluids. Material selec-
tion is a critical factor in the proper design of a production system, requiring
information about the composition of the produced fluids.

1.3.4.1. Hydrate Inhibition

Hydrate inhibition is normally associated with batch treatments for the
processes of start-up and shut-down (planned or unplanned). Continuous
injection also occurs when there is induced cooling likely due to chokes and
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the natural cooling of pipelines by the cold ambient temperatures of the
seabed. Methanol is one of the most common hydrate inhibitors used,
particularly for subsea wells and in arctic regions where rapid cooling of the
produced fluid flow (gas and water) can cause hydrate formation. Methanol
is injected into the tree and sometimes downhole just above the subsurface
safety valve while the fluids are hot. Some subsea developments in the
deepwater GoM area inject methanol at rates of 20% to 40% of the water
production rate. In the chapter of Hydrates, Chapter 15, the characteristics
and formation of hydrates in subsea production systems are detailed. The
solution methodology and hydrate control designs are summarized.

1.3.4.2. Paraffin Inhibitors

Paraffin inhibitors are used to protect the wellbore, production tree, and
subsea pipelines/flowlines from plugging. The injection of these chemical
inhibitors is dependent on the composition of the produced fluids. Injection
can occur continuously at the tree, pipeline, manifold, and other critical
areas while the production flow is hot, and to batch treatments at production
start-up and shut-down processes. The wax content, pour point, and other
factors are determined prior to beginning production to determine the
chemical(s) needed, if any, and the best method for treatment. For a 10,000-
BOPD (Barrels of Oil Per Day) well, the paraffin inhibitor could be injected
at a rate of 30,000 gal per year (enough to ensure a 200-ppm concentration
in the produced fluid flow).

1.3.4.3. Asphaltene Inhibitors

Asphaltene inhibitors are injected in the same manner as other inhibitors,
but on a continuous basis. Asphaltenes can form in the production system as
the pressure declines to near the bubble point.

Most development projects require one or all of these chemical inhib-
itors to avoid produced fluid problems. Efforts are under way to improve the
performance of the inhibiting chemicals and to reduce the toxicity of the
chemicals. In the chapter of Was and Asphaltenes, Chapter 16, the char-
acteristics and formation of wax and asphaltenes in subsea production
systems are detailed. The solution methodology and control designs are
summarized.

1.3.5. Well Testing

Flow testing is done to confirm the producibility of the reservoir and to
locate any boundary eftects that could limit long-term production. In
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some instances, an extended well test may be necessary to confirm the
development potential. A well test could last for several days to a month.
For an extended test, the actual production time (well flowing) is typi-
cally less than one-half of the total test time. Significant data are gathered
about the system from the pressure build-up stage of a well test. Oil
recovered as part of the well test will be stored and reinjected, burned, or
transported to shore for sales or disposal; gas is normally flared during the
test.

1.3.6. Inspection and Maintenance

Facilities and pipelines require periodic inspections to ensure that no
external damage or hazards are present that will affect the system’s integrity.
Unlike the shallow-water platform and subsea completions where diver
access is possible, a deepwater system requires the use of ROV for surveys
and some repairs. For floating systems such as the TLP (Tension Leg Plat-
form), the survey would examine the tendons as well as the hull and
production riser.

Inspections of other systems would investigate the mooring system
components as well as the production components (trees if subsea, pipelines,
risers, umbilical, manifold, etc.). Many of the components of subsea
equipment are modular, with built-in redundancy to expedite retrievals in
the event of a failure. Mobilization of a drilling rig or specialized inter-
vention vessel would be required for intervention into any of the subsea
systems. If the production equipment is surface based, the maintenance,
retrieval, and repair would be similar in scope to the conventional fixed
platforms.

1.4. SUBSEA STRUCTURES AND EQUIPMENT
1.4.1. Subsea Manifolds

Subsea manifolds have been used in the development of oil and gas fields to
simplify the subsea system, minimize the use of subsea pipelines and risers,
and optimize the flow of fluid in the system. The manifold, as shown in
Figure 1-9, is an arrangement of piping and/or valves designed to combine,
distribute, control, and often monitor fluid flow. Subsea manifolds are
installed on the seabed within an array of wells to gather production or to
inject water or gas into wells. The numerous types of manifolds range from
a simple pipeline end manifold (PLEM/PLET) to large structures such as
a subsea process system. The manifold may be anchored to the seabed with
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Figure 1-9 Subsea Manifold [10]

piles or skirts that penetrate the mudline. Size is dictated by the number of
the wells and throughput, as well as how the subsea wells are integrated into
the system.

1.4.2. Pipeline Ends and In-Line Structures

As the oil/gas field developments move further away from existing subsea
infrastructures, it becomes advantageous to consider a subsea tie-in of their
export systems with existing deepwater pipeline systems oftering spare
transport capacity. This necessitates incorporating pipeline end manifolds
(PLEMs) at both pipeline ends to tie in the system. A PLEM is a subsea
structure set at the end of a pipeline. It is used to connect rigid pipeline with
other subsea structures, such as a manifold or tree, through a jumper. It is
also called a pipeline end termination (PLET), especially to serve as
a support for one pipeline valve and one vertical connector. Figure 1-10
shows a typical subsea PLET.

1.4.3. Jumpers

In subsea oil/gas production systems, a subsea jumper, as shown in
Figure 1-11, is a short pipe connector that is used to transport production
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Figure 1-10 Subsea PLET [10]

fluid between two subsea components, for example, a tree and a manifold,
a manifold and another manifold, or a manifold and an export sled. It may
also connect other subsea structures such as PLEM/PLETSs and riser bases.
In addition to being used to transport production fluid, a jumper can also be
used to inject water into a well. The offset distance between the compo-
nents (such as trees, flowlines, and manifolds) dictates the jumper length and
characteristics. Flexible jumper systems provide versatility, unlike rigid
jumper systems, which limit space and handling capability.

1.4.4. Subsea Wellheads

Wellhead is a general term used to describe the pressure-containing
component at the surface of an oil well that provides the interface for
drilling, completion, and testing of all subsea operation phases. It can be
located on the offshore platform or onshore, in which case it is called
a sutface wellhead; it can also be settled down on the mudline, in which case it
is called a subsea wellhead or mudline wellhead as shown in Figure 1-12.
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Figure 1-11 Subsea Rigid Jumper [11]




22 Y. Bai and Q. Bai

Subsea wells can be classified as either satellite wells or clustered wells.
Satellite wells are individual and share a minimum number of facilities with
other wells. They are usually drilled vertically. Satellites wells can produce
directly to a surface facility (the platform of a floating vessel) or through
a subsea manifold that commingles the production of several satellite wells.
The primary advantage of satellite wells is the flexibility of individual well
location, installation, control, and service. Each well is handled separately, so
that its production and treatment can be optimized. Exploration or delin-
eation wells in a field can also be reused by completing them as satellite
wells, thereby eliminating the drilling costs associated with a new well.

When several subsea wellheads are located on a central subsea structure,
the system is referred to as a clustered system. This arrangement provides the
possibility of sharing common functions among several wells, such as
manifolded service or injection lines and common control equipment,
which then require fewer flowlines and umbilicals, thus reducing costs. In
addition, because maintainable components are centralized on a clustered
system, it is possible to service more than one well with a single deployment
of a service vessel, thereby saving mobilization costs. On the other hand,
shared functions can reduce the capability to treat each well separately.
Clustered systems, however, introduce the need for subsea chokes to allow
individual well control. Other disadvantages of clustered systems are that
drilling or workover operations on one well of the cluster may interrupt
production from others and special simultaneous drilling and production
procedures need to be implemented.

1.4.5. Subsea Trees

The subsea production tree is an arrangement of valves, pipes, fittings, and
connections placed on top of a wellbore. Orientation of the valves can be
in the vertical bore or the horizontal outlet of the tree, as shown in
Figure 1-13. The valves can be operated by electrical or hydraulic signals or
manually by a diver or ROV.

1.4.6. Umbilical Systems

An umbilical, as shown in Figure 1-14, is a bundled arrangement of tubing,
piping, and/or electrical conductors in an armored sheath that is installed
from the host facility to the subsea production system equipment. An
umbilical is used to transmit the control fluid and/or electrical current
necessary to control the functions of the subsea production and safety
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Figure 1-13 Comparison of Vertical-Bore and Horizontal Subsea Production Trees (ABB
Vetco Gray Inc.) [12]

Figure 1-14 Subsea Steel Umbilical [13]

equipment (tree, valves, manifold, etc.). Dedicated tubes in an umbilical are
used to monitor pressures and inject fluids (chemicals such as methanol) from
the host facility to critical areas within the subsea production equipment.
Electrical conductors transmit power to operate subsea electronic devices.
Umbilical dimensions typically range up to 10 in. (25.4 cm) in diameter.
The umbilical will include multiple tubings normally ranging in size up to
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2 in. (5.08 cm); the number of tubes is dependent on the complexity of the
production system. The length of an umbilical is defined by the spacing of
the subsea components and the distance these components are located from
the host facility.

1.4.7. Production Risers

The production riser is the portion of the flowline that resides between the
host facility and the seabed adjacent to a host facility. Riser dimensions range
from 3 to 12 in (76.2 to 304.8 mm). in diameter. Riser length is defined by
the water depth and riser configuration, which can be vertical or a variety of
wave forms. Risers can be flexible or rigid. They can be contained within
the area of a fixed platform or floating facility, run in the water column.
Figure 1-15 illustrates part of a subsea drilling riser.

1.5. SUBSEA PIPELINES

Subsea flowlines are the subsea pipelines used to connect a subsea wellhead
with a manifold or the surface facility. The flowlines may be made of flexible
pipe or rigid pipe and they may transport petrochemicals, lift gas, injection
water, and chemicals. For situations where pigging is required, flowlines are

Figure 1-15 Subsea Drilling Riser
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connected by crossover spools and valves configured to allow pigs to be
circulated. Flowlines may be single pipe, or multiple lines bundled inside
a carrier pipe. Both single and bundled lines may need to be insulated to
avoid problems associated with the cooling of the produced fluid as it travels
along the seabed.

Subsea flowlines are increasingly being required to operate at high
pressures and temperatures. The higher pressure condition results in the
technical challenge of providing a higher material grade of pipe for high-
pressure, high-temperature (HP/HT) flowline projects, which will cause
sour service if the product includes H)S and saltwater. In addition, the
higher temperature operating condition will cause the challenges of
corrosion, down-rated yield strength, and insulation coating. Flowlines
subjected to HP/HT will create a high effective axial compressive force due
to the high fluid temperature and internal pressure that rises when the
flowline is restrained.
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2.1. SUBSEA FIELD DEVELOPMENT OVERVIEW

Subsea field development is a long and complicated procedure that begins

with the primary survey and ends with the last reservoir recovery.
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Figure 2-1 illustrates the life cycle of the development of an oil or gas
subsea field. Initially, mapping and reconnaissance are conducted by
exploration geologists and geophysicists. They ultimately delineate the
development area’s geology based on the data gathered from old wells,
seismic analysis, and any other information that is available. The initial issues
at this stage concern the following aspects:

* Structure of the basin and the subregional features (i.e., fault and/or fold
traps for hydrocarbons);

» The stratigraphy (i.e., whether the reservoir rocks exhibit porosity and
permeability);

* The burial history of the basin (i.e., whether the source rocks have been
buried sufficiently for hydrocarbon generation).

By addressing these concerns, investigators may identify and select parts of the

larger area for further study and may ultimately generate a prospect evaluation.

After the initial investigations, the reservoir description phase begins,
which involves drilling delineation wells and perhaps conducting 3D seismic
analyses. This new information allows reservoir engineers and geologists to
calculate the volume of oil and/or gas that is present in the reservoir. Then itis
time to ascertain the optimum subsea field layout and pipeline route; the
production facilities will also be selected based on field layout and installation
considerations. After all well and equipment testing, the field begins to
produce oil and gas. However, as more and more oil and gas are transported to
the host structure from the reservoir, the reservoir pressure will decrease, and
need to recovery to keep the production being transported from the reservoir.

This chapter provides guidelines for the main disciplines associated with
the development of a field architecture without topside facilities and also for

Mapping & Reconnaissance

Acquire /Divest
Prospect Generation

Discovering

Reservoir Delineation

Facilities

Primary Production

Enhanced Recovery

Figure 2-1 Field Development Life Cycle
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system integration and interfacing, which are the most important parts of
a field development project.
When defining a field architecture, the following issues should be
considered:
» Deepwater or shallow-water development;
* Dry tree or wet tree;
* Stand-alone or tie-back development;
* Subsea processing;
e Artificial lift methods;
* Facility configurations (i.e., template, well cluster, satellite wells,
manifolds).

2.2. DEEPWATER OR SHALLOW-WATER DEVELOPMENT

Subsea field development can be categorized according to the water depth:

* A field is considered a shallow-water subsea development if the water
depth at the location is less than 200 m (656 ft). In practice, shallow
water is the water depth within a diver’s reach.

* A field is considered a deepwater subsea development if the water depth
ranges between 200 and 1500 m (656 and 5000 ft);

» Ultra-deepwater subsea developments are those in which the water
depths are greater than 1500 m (5000 ft).

The difference between shallow-water and deepwater field developments in

terms of design considerations are listed in Table 2-1.

2.3. WET TREE AND DRY TREE SYSTEMS

Two kinds of subsea production systems are used in deepwater fields: dry
tree systems and wet tree systems, as shown in Figure 2-2.

For the dry tree system, trees are located on or close to the platform,
whereas wet trees can be anywhere in a field in terms of cluster, template, or
tie-back methods. Dry tree platforms have a central well bay for the surface
trees, providing direct access to the wells for workover and recovery. Tension
leg platforms (TLPs) and spars are normally utilized in a dry tree system.

The size of the central well bay on dry tree platforms is dictated by well
count and spacing. Topside equipment has to be arranged around the well
bay. The surface trees are designed for full reservoir shut-down pressures.
A large production manifold is required on deck, and a skiddable rig is
required for individual well interventions [1].
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Table 2-1 Difference between Shallow-Water and Deepwater Field Developments

Items Shallow-Water Development Deepwater Development

Hardware Because diver-assisted Because an ROV assists with
design intervention is possible, all interventions, an

an ROV-related structure ROV-related structure is
is not necessary. needed.
Mudline trees usually will be  Insulation is needed for pipes
used. due to high pressures and
temperatures.
A horizontal or vertical tree will
be used.

Installation Limited by the size More difficult than in shallow
requirement of vessel. water due to higher tension,

especially horizontal load.

Umbilical Smaller umbilicals can be Unmbilicals are bigger and more
design utilized due to the short expensive.

distance of power
transportation.

Intervention, Diver-assisted intervention  Deepwater maintenance and
maintenance, is feasible. repairs require the use of
and repair ROVs for surveys and some

repairs.

Deepwater subsea developments
are high cost and high risk.

For wet tree systems, the Christmas tree and its associated components
are exposed to the ambient seabed conditions. In deepwater fields, the wet
tree system normally utilizes a remotely controlled subsea tree installation
tool for well completions, but for shallow water the diver can assist with

Dry Tree System Wet Tree System

Figure 2-2 Dry Tree and Wet Tree Systems [1]
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installation and operation. Wet tree platforms have a central moon-pool for
running marine risers and trees, which might also be preferred for installing
other equipment, such as the manifold and blow-out preventer (BOP), if
the sizes are suitable. Wet tree systems are suitable for widespread reservoir
structures. They provide a degree of vessel and field expansion flexibility
with simplified riser interfaces, but at the expense of high drilling and
workover costs.

In recent years, operators have been compelled to reappraise their
strategy of rapid development in ultra-deepwater areas due to the
commercial competitiveness and technical issues related to dry tree versus
wet tree systems. Globally, more than 70% of the wells in deepwater
developments that are either in service or committed are wet tree systems.
These data demonstrate the industry’s confidence in wet tree systems.

Compared to wet tree systems, dry tree systems require motion-opti-
mized hulls to accommodate the riser systems; they are considered to be
limited with respect to water depth and development flexibility. Globally,
most subsea field developments that are either in service or committed to
are wet tree systems. Although widely used for developments in shallow to
medium water depths, the dry tree units are still not considered optimum for
deepwater and ultra-deepwater situations.

2.3.1. Wet Tree Systems

For wet tree system, the subsea field layout usually comprises two types:
subsea wells clusters and direct access wells.

Direct access is only applied in marginal field development. All such
developments are usually based on semi-submersible floating production
and drilling units (FPDUs) with oil export either via pipeline or to a nearby
floating storage and offloading (FSO) unit, providing direct and cost-
effective access from the surface to the wells to allow for workover or drilling
activities directly from the production support, especially for deepwater
interventions.

A subsea cluster of wells gathers the production in the most efficient and
cost-effective way from nearby subsea wells, or (when possible) from
a remote /distant subsea tie-back to an already existing infrastructure based
on either a floating production, storage and offloading (FPSO) or a floating
production unit (FPU), depending on the region considered.

Figures 2-3, 2-4, and 2-5 illustrate subsea well clusters and subsea direct-
access wells. The subsea tie-back system normally can be regarded as
a supplement for subsea cluster well developments, as shown in Figure 2-3.
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Figure 2-3 Tie-Back Field Architecture [1]
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Figure 2-4 FPU Field Architecture [1]

The FPU has various ways to export the oil or gas, as shown in Figure 2-6.
Typically a barge, semi-submersible, or even a mini-TLP type vessel is used.
Figure 2-4 illustrates an FPU field architecture.

Figure 2-5 shows a field with an FPSO field architecture. The FPSO
usually utilizes a ship- shaped or barge-type vessel as the host structure that is
moored either via a turret and weathervaning system to allow for tandem
offloading or spread moored with offloading via a distant buoy or still in
tandem mode [1].
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Figure 2-6 FPU Connection Module

For both subsea well clusters or subsea direct-access wells, the three main
riser options would be vertical top tensioned risers, steel catenary risers, and
flexible risers. Pending use of the above field architectures and risers in
conjunction with particular flow assurance design criteria, these wet tree
system would be the most effective.

2.3.2. Dry Tree Systems

Dry tree system production systems are the main alternative to the subsea
well cluster architecture. Their surface well architectures provide direct
access to the wells.

Current dry tree system architectures consist of an FPDU hub based
either on a TLP, on a Spar, or even (in some cases) on a compliant piled
tower (CPT) concept. Alternative concepts in the form of barge or deep-
draft semi-submersible (DDF) floaters could also be considered as possible
options in some cases but have not yet materialized.
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Deepwater surface well architectures in the form of a wellhead plat-
form (WHP or FDU) associated with either an FPSO or an FPU are starting
to emerge in other parts of the world (West Africa, Southeast Asia). This type
of association between a WHP and an FPSO could also eventually become
reality in the Gulf of Mexico as the FPSO concept becomes progressively
authorized. Existing (or actually planned) WHP hubs are currently all based
on a TLP concept with either full drilling capacities or with tender assistance
(mini-TLP). However, other concepts such as Spar, barge, or deep-draft
semi-submersible units could also be considered as alternatives.

Risers for dry completion units (DCUs) could be either single casing,
dual casing, combo risers (used also as drilling risers), or tubing risers and
could include a split tree in some cases.

The riser tensioning system also offers several options such as active
hydropneumatic tensioners, air cans (integral or nonintegral), locked-off
risers, or king-post tensioning mechanism.

2.3.3. Systems Selection

A thorough and objective assessment of wet and dry tree options should be

conducted during the selection process and include costs, risks, and flexi-

bility considerations to ensure that the development concept that best
matches the reservoir characteristics is selected.

Operators are often faced with the problem that commercial metrics,
such as capital cost or net present value (NPV), are inconclusive. In the base
case of developments examined, the commercial metrics are shown to
generally favor the wet tree concept over the life cycle of the system, but the
benefit over the dry tree concept is not overwhelming. When this is the
case, the operator must thoroughly assess other important differentiators
before making the final selection.

The best tree system matchup with the reservoir characteristic can be
selected by experience and technical analysis. The following are the basic
selection points:

»  Economic factors: Estimated NPV, internal rate of return (IRR), project
cash flow, project schedule, and possibly enhanced proliferation control
initiative (EPCI) proposals (if any available at the time of the selection)
will most certainly be the key drivers of this choice.

» echnical factors: These factors are driven primarily by reservoir
depletion plans and means, field worldwide location, operating
philosophy, concept maturity and reliability, feasibility, and industry
readiness.
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»  External factors: These factors are in the form of project risks, project
management, innovative thinking, operator preferences, and people (the
evaluation method may vary between each individual).

2.4. SUBSEA TIE-BACK DEVELOPMENT

Subsea developments only made sense for big reservoirs before, because the

CAPEX and OPEX costs are high and it is difficult to justify the return

versus the risk. So, in some cases, the small marginal oil fields are normally

ignored. In recent years, subsea tie-backs were set to become popular in the
development of marginal oil and gas reserves in an eftective and economical
way. Operators began to realize that the overall capital expenditure can be
decreased by utilizing the processing capacity on existing platform infra-
structures, rather than by continuing to build new structures for every field.

Thus much smaller accumulations can be developed economically.
Generally subsea tie-backs require significantly lower initial investments,

compared with developments using FPSOs or other fixed installations. The

economics of having a long tie-back are governed, however, by a number of
factors specific to that field:

* Distance from existing installation;

*  Water depth;

* Recoverable volumes, reservoir size, and complexity;

» Tariffs for processing the produced fluids on an existing installation;

* The potentially lower recovery rates from subsea tie-backs versus stand-
alone development, due to limitations in the receiving facility’s pro-
cessing systems;

* The potentially higher recovery rates from platform wells, due to easier
access to well intervention and workovers.

The host of subsea tie-backs can be categorized as follows:

* Tie-back to floating production unit (see Figure 2-7);

* Tie-back to fixed platform (see Figure 2-8);

* Tie-back to onshore facility (see Figure 2-9).

2.4.1. Tie-Back Field Design

Using subsea flowlines to tie back subsea wells to a remote processing facility
is an established method for developing oil and gas fields. The design and
specifications of the subsea flowlines are driven by the needs of flow
assurance management. Flow assurance management includes ensuring that
the unprocessed well fluids:
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Figure 2-7 Subsea Tie-Back to FPSO [2]
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Figure 2-8 Subsea Tie-Back to TLP [2]
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Figure 2-9 Subsea Tie-Back to Onshore Facility [3]

* Are able to reach the processing facility;

* Arrive at the process facility above critical temperatures (such as the wax
appearance temperature or cloud point and the hydrate creation
temperature);

¢ Can be made to flow again after a planned or unplanned shutdown
(particularly with respect to clearing hydrate blockages);

* Avoid hydrates, wax, asphaltene, scale, sand, and other undesirable
contents from building up in the flowline;

* Can be made to flow at a range of driving pressures, flow rates, and
compositions.

Deeper water for the flowline exacerbates the difficulties of subsea tie-
backs with the added disadvantage that it is much easier for hydrates that can
block the flowlines to form in deep water. Hence, for subsea tie-backs, a pig
should be pumped through the flowline to remove the wax, asphaltene,
scale, sand, and other constituents in the well fluids that tend to build up in
the flowline.

Dual flowlines with an end-to-end loop, which are customarily used for
subsea tie-backs, provide a full circuit for the pig so that the pig can pass
through the flowline from the production platform, through the tie-back
flowline, and then back to the production platform, as shown in Figure 2-10.

Often the pressure at new satellite fields is quite low. Subsea boosting and
processing are aimed at increasing the flow of crude from the reservoir to the
process plant or at reducing the need for topside processing equipment.
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Figure 2-10 Typical Tie-Back Connections [4]

Multiphase boosting pumps can either be installed topside or at the subsea
wellhead. Subsea boosting will be discussed in later sections in more detail.

Besides subsea boosting, another method used to pump the fluids to the
processing location is to use gas-lift risers. The process of gas lifting involves
injection of a predetermined rate of gas into a production flowline (or riser)
on the seabed. Obviously, this applies to oil-producing systems only. This
injected gas is provided by the host facility, through a gas-lift riser.

Gas-lift risers can also be utilized for production enhancement, flow
stabilization, and flowline depressurization and to control severe slug-
ging. Gas-lift risers can be differentiated based on the supply methods,
such as dedicated/shared gas-lift risers or insulated/noninsulated gas-lift
systems.

2.4.2. Tie-Back Selection and Challenges

Advances in flow assurance and multiphase transport now allow the use of
tie-backs over much longer distances, while the introduction of subsea
processing will strengthen the business case for subsea tie-backs in future
field developments. However, we can try to choose the best development
plan, based on an overall consideration of the following factors:
*  Cost: Lowest life-cycle cost (i.e. lower CAPEX and OPEX);
o Safety: Safety of personnel and other stakeholders in construction and
operation;
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*  Environment: Impact of development on the environment;

o Technology innovation or transfer: Trial of new technology or transfer of
existing technology and know-how;

»  Capacity utilization: Use of existing infrastructure, facilities, and elon-
gation of useful life;

* Recoverable volumes, reservoir size, and complexity;

» Tariffs for processing the produced fluids on an existing installation;

* The potentially lower recovery rates from subsea tie-backs versus stand-
alone development, due to limitations in the receiving facility’s pro-
cessing systems;

* The potentially higher recovery rates from platform wells, due to easier
access to well intervention and workover.

Many marginal fields are developed with subsea completions and with
the subsea tie-back flowlines to existing production facilities some distance
away. Subsea tie-backs are an ideal way to make use of existing infrastruc-
ture. Long tie-back distances impose limitations and technical
considerations:

* Reservoir pressure must be sufficient to provide a high enough
production rate over a long enough period to make the development
commercially viable. Gas wells offer more opportunity for long tie-backs
than oil wells. Hydraulic studies must be conducted to find the optimum
line size.

* Because of the long distance travelled, it may be difficult to conserve
the heat of the production fluids and they may be expected to
approach ambient seabed temperatures. Flow assurance issues of
hydrate formation, asphaltene formation, paraffin formation, and high
viscosity must be addressed. Insulating the flowline and tree might
not be enough. Other solutions can involve chemical treatment and
heating.

* The gel strength of the cold production fluids might be too great to be
overcome by the natural pressure of the well after a prolonged shutdown.
[t may be necessary to make provisions to circulate out the well fluids in
the pipeline upon shutdown, or to push them back down the well with
a high-pressure pump on the production platform, using water or diesel
fuel to displace the production fluids.

Subsea long tie-back developments will be utilized widely in the future
with the advent of new technology such as subsea processing and subsea
electrical power supply and distribution.
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Figure 2-11 Typical Stand-Alone Oil Field [2]

2.5. STAND-ALONE DEVELOPMENT

The development of new fields can either be initiated via long tie-backs to
an existing facility or by installing a new “stand-alone” facility. Stand-alone
facilities for the gas fields depend on the size of the gas reserves.

Independent hub development in the GoM supplies roughly 10% of the
U.S. gas (200,000 Billion Cubic Feet in 2002). Figure 2-11 shows an
example of a typical stand-alone oil field development for the Enfield field
located off the North West cape in Western Australia at a 544-m (1,785 ft)
water depth.

Advances in flow assurance and multiphase transport allow the use of
tie-backs over much longer distances, while the introduction of subsea
processing will strengthen the commercial feasibility for subsea tie-backs
in future developments. The decision to select long tie-backs or a new
stand-alone facility can be based on an overall consideration of various
factors:

*  Lowest life cycle cost (i.e., lower CAPEX and OPEX). For the service
provider, the first avenue for cost reduction typically focuses on
CAPEX, specifically the reduction of up-front expenditures related to
materials and equipment;

+ Safety of personnel and other stakeholders in construction and operation;

* Impact of the particular facility on the environment;

* Trials of new technology when subsea tie-backs are used as compared to
the transfer of existing technology and know-how when stand-alone
facilities are used;

»  Use of existing infrastructure and facilities and elongation of useful life
when subsea tie-backs are used;
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» Capacity of the existing installation such as processing facilities, space,
weight, and budget;

* Recoverable volumes, reservoir size, and complexity. If the recoverable
volume cannot justify the need for a new stand-alone facility, subsea tie-
backs with lower investment can be used;

» Tariffs for processing the produced fluids on an existing installation;

* The potentially lower recovery rates from subsea tie-backs versus stand-
alone development, due to limitations in the receiving facility’s pro-
cessing systems;

* The potentially higher recovery rates from platform wells, due to easier
access to well intervention and workover.

2.5.1. Comparison between the Stand-Alone and Tie-Back
Developments

Tie-back projects are an important component of oil and gas production.

Advances in technology have made them less expensive, while the economic

advantages of developing fields by tying them into existing infrastructure

are obvious. Figure 2-12 depicts the fields in block 17, 135 km (10647 miles)

off the coast of Angola in 1350 m (4,429 m) of water. The blue area is the

existing field utilizing an FPSO to gather the fluid, whereas the purple area is

the new discovery consisting of four blocks. There are two concept designs

for the new discovery:

* To utilize the existing FPSO for a subsea tie-back;

* To build a new stand-alone facility for the new discovery.

The difterences between the stand-alone and the tie-back development are

highlighted in Table 2-2.
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Figure 2-12 Conceptual Field Development Design Comparison [3]

LB\ Existing Fields



42 Y. Bai and Q. Bai

Table 2-2 Comparison between Stand-Alone and Tie-Back Developments

Parameter Stand-Alone Development Tie-Back Development
Advantages More than one field can ~ Lower costs
be connected and Smaller project

provides flexibility
for future satellites
Earlier start-up
Disadvantages Higher costs Later start-up time
Larger project Only two fields can be connected
No facility for connection with future
satellite wells
From operations perspective, control
of remote Christmas tree,
manifolds, etc., can cause problem
Another operational issue revolves
around associated flow assurance
problem for long-distance tie-backs

2.5.2. Classification of Stand-Alone Facilities

The top side stand alone facilities in the subsea developments can be divided
into four typical host facilities as shown in Figure 2-13.

Figure 2-13 Typical Host Facilities [5]
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Fixed platforms: Various types of structure are used, steel jacket,
concrete caisson, floating steel, and even floating concrete. Fixed plat-
forms are economically feasible for installation in water depths up to
about 1700 ft (520 m).

Compliant towers: These platforms consist of slender flexible towers
and a pile foundation supporting a conventional deck for drilling and
production operations. Compliant towers are designed to sustain
significant lateral deflections and forces, and are typically used in water
depths ranging from 1500 to 3000 ft (450 to 900 m).
Semi-submersible platforms: These platforms have hulls (column
and pontoons) of sufficient buoyancy to cause the structure to float,
but of weight sufficient to keep the structure upright. Semi-submersibles
can be used in water depths from 200 to 10,000 ft (60 to 3050 m).
Jack-up platforms: Jack-up platforms (or jack-ups), as the name
suggests, are platforms that can be jacked up above the sea using legs that
can be lowered, much like jacks. These platforms are typically used in
water depths up to 400 ft (120 m), although some designs can go to 550
ft (170 m) depth.

Floating production systems (FPS): FPSs consist of large monohull
structures, generally (but not always) in the shape of ships, equipped with
processing facilities. Some variants of these applications, called FSOs,
FSUs, and FPSOs, are used exclusively.

Tension leg platforms (TLPs): TLPs are floating platforms tethered
to the seabed in a manner that eliminates most vertical movement of the
structure. TLPs are used in water depths up to about 6000 ft (2000 m).
Mini-TLPs can also be used as utility, satellite, or early production
platforms for larger deepwater discoveries.

Spar platforms: To date, spars have been designed in three config-
urations: the conventional one-piece cylindrical hull; the truss spar, in
which the midsection is composed of truss elements connecting the
upper buoyant hull (called a hard tank) with the bottom soft tank
containing permanent ballast; and the cell spar, which is built from
multiple vertical cylinders. Spars are moored to the seabed like TLPs,
but whereas a TLP has vertical tension tethers, a spar has more
conventional catenary mooring lines. The deepest spar, Shell Perdido,
located in outer continental shelf blocks in Alaminos Canyon in the
Gulf of Mexico, is installed at an almost 8000-ft (2438-m) water
depth.
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2.6. ARTIFICIAL LIFT METHODS AND CONSTRAINTS

Artificial lift methods are used to continuously remove liquids from a liquid-
loaded gas well. The lack of energy in a reservoir can affect the flow rate of oil,
gas, or water and artificial lift is used to supplement the reservoir energy. Using
this method, energy is transferred downhole and the fluid density in the
wellbore 1s reduced. Artificial lifts also boost well production by reducing
bottomhole pressure at wells that are deemed not economically viable. A
variety of artificial lift methods are used, with each method configured for
specific lifting requirements and operational constraints. During the selection
of the lift systems, elements such as reservoir and well parameters, and field
development strategies should be taken into consideration.

2.6.1. Basic Artificial Lift Methods

The basic methods for artificial lift are:
e Gas lift;

* Subsea boosting;

* Electric submersible pumps.

2.6.2. Gas Lift

The traditional artificial lifting methods are used to produce fluids from

wells that are already dead or need to increase the production rate (see

Figure 2-14). During the initial part of the field architecture survey, the

need for gas lifting is assessed based on the following information:

e Fluid composition and properties such as solution gas-oil ratio, oil
formation volume factor, oil viscosity, and gas compressibility factor;

*  Maximum water content, etc.;
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Figure 2-14 Traditional Gas-Lift Field Configuration
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*  Multiphase flow correlations;

*  Well profile, production rate data, bottomhole flowing pressure, average
reservoir pressure at midperforation, and surface gas-lift pressure as
needed to optimize the gas-lift system.

Gas lifts employ additional high-pressure gas to supplement formation
gas as shown in Figure 2-15. Produced liquids are extracted by reducing
fluid density in the wellbore, to lighten the hydrostatic column, or back-
pressure, loads on formations. Continuous injection is popular because it
utilizes the energy from formation gas. At specific depths, special gas lift
valves will be injected with external gas, which mixes with produced liquid.
The pressure gradient will be reduced from the injection point to the
surface. Bottomhole pressure reduction will create a pressure differential for
required flow rates. Insufficient drawdown can be remedied using instan-
taneous high-volume injection, or intermittent gas lift to displace slugs of
liquid to the surface. This condition will create surface gas handling diffi-
culties apart from surges downhole resulting in sand production. Gas-lift
expenditures depend on the gas source and pressure, but can be costly if
additional surface compressors and processing facilities are needed.

e'g 0 @ ]
L]
Annual ‘
\ .-.‘-i Choke+
o N
Casing+ . g al
« ve
:.:-,;
Tubing« h\_ : ‘:I]
~ %
o. 5, ﬂ
Packer+ -y = 0 o
5 Gas Injection+
> =) ° °o T‘

I 1
I |
] I
| I

Figure 2-15 Typical Single-Well System of Continuous Gas Lift [6]
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2.6.3. Subsea Pressure Boosting

The impact on the production flow rate and pressure as a result of pressure
boosting is illustrated in Figure 2-16. Curve 1 represents the system resis-
tance, which is characterized by the specific system configuration and water
depth. Curve 3 represents the natural well flow rate, and is dependent on the
specific reservoir conditions. As indicated in the figure, both the production
flow rate and pressure are increased as a result of the pressure boost, which is
represented by the intersection between curve 1 and curve 2. For a long tie-
back and in a deepwater operating environment, the system resistance curve
becomes steep, and the intersection with the production curve will be at
a much lower flow rate. Similarly, a low-pressure reservoir results in
a production curve that starts out with a lower shut-in pressure and
decreases faster. The intersection with the resistance curve will again be at
a lower production rate.

Subsea pumps can be used to increase the pressure of the fluid. The
subsea pump systems are designed to operate for long periods of time
without maintenance. Regular maintenance may be required every 5 years
due to general wear. The pumps are of a modular insert design and consist of
a driver unit and a pumping unit. The driver can be either an electric motor
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Figure 2-16 Pressure Boosting of the Well Flow [7]
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or a water turbine. The driver shaft power depends on production flow and
required differential pressure increase, and single-driver units are available
ranging from 200 kW to more than 2.5 MW. In most applications, one
single pump will be sufficient, but if required, several pumps can be installed
in parallel to cater to a higher flow rate or in series to provide higher
pressure. Pumps are available to pump oil, water, or multiphase fluid. Such
a boosting system is installed in the Ormen Lange gas field located 100 km
(62 miles) off the northwest coast of Norway in water depths of 850 to
1150 m (2800 to 3800 ft).

Two main booster pump technologies are available, the positive
displacement pump and the centrifugal booster pump.

2.6.4. Electric Submersible Pump (ESP)

ESP technology is an ideal solution to produce significantly higher fluid

volumes and provide the necessary boost to deliver the production flow to

the host platform. ESP systems require a large electricity supply. Providing
electricity to ESP systems, however, is less complex and more efficient than
delivering gas to gas-lift systems. The high-volume capacity, wide operating
range, and efficiencies up to 40% higher than the gas-lift process make ESP
systems more attractive for deepwater subsea wells. Traditionally, ESP
systems are installed downhole.

The first issue for any field development is economics. In this regard ESP
seabed booster systems offer several advantages over other alternatives:

* Seabed ESP systems can be deployed with vessels of opportunity versus
semi-submersible rigs, reducing both the overall cost of installation and
intervention and deferred production resulting from a waiting period for
a rig.

* Seabed ESP systems can be configured to provide a backup system to
maximize run life and minimize deferred production.

* Some seabed ESP system alternatives use existing infrastructure to
house the systems, which also significantly reduces overall development
costs.

* Seabed ESP booster systems are not as space constrained as in-well
systems. Production from several wells can be boosted with only one
seabed ESP booster system.

2.6.4.1. Vertical Booster Stations
Figure 2-17 illustrates a vertical booster station. The vertical booster stations
require installation of a large pipe, such as a 36-in (0.91 m). conductor pipe,
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Figure 2-17 Vertical Booster Station [8]

by drilling or suction pile if the seabed is muddy. The ESP system is encased
in a pressure vessel with a connection system on top. The system is lowered
into the “dummy” well by a light construction vessel.

The booster station can be located at any point between the well and
host facility. If more than one field is connected to the host production
platform, the booster station may be closer to the platform and boost
production from several fields. In developments where several wells are in
one seabed location, the booster station may be installed closer to the
wells.

2.6.4.2. Horizontal Booster Station

The horizontal ESP system is a variant of the ESP jumper, placed on
a permanent subsea base. The advantage of this system is the ease of
changing out equipment and the ability to have systems in series, in parallel,
or as redundant systems. All of these configurations improve overall runtime
and reduce any deferred production if one pumping system goes down.
Plus, these systems can be used for boosting pressure for the production
wells or boosting seawater downhole for water injection. The ESP booster
systems can also be bypassed to clean the flow lines.
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Figure 2-18 ESP Jumper [8]

2.6.4.3. ESP Jumper System

The ESP jumper system configuration shown in Figure 2-18 is the most
cost-effective seabed ESP boost system available. This system places the ESP
equipment in the existing subsea flowline jumper infrastructure either
between the wellhead and the manifold or the manifold and the pipeline
end termination. The incremental costs of this system are negligible since
the infrastructure is already a sunk cost and no significant modifications
are necessary. Like the other systems, ESP jumpers can boost one well,
providing the opportunity for individual well optimization, or several wells,
depending on the needs of the fields. The ESP system can be installed in the
jumper onshore to minimize costly seabed installation expenses. The lower
costs associated with ESP jumpers make the technology ideal for brown
field applications where existing subsea fields can benefit from seabed
booster systems.

2.7. SUBSEA PROCESSING

Subsea processing (SSP) can be defined as any handling and treatment of the
produced fluids for mitigating flow assurance issues prior to reaching the
platform or onshore. This includes:

* Boosting;

* Separation;

* Solids management;
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* Heat exchanging;

¢ Gas treatment;

* Chemical injection.

The benefits of introducing subsea processing in a field development could

be [4]:

* Reduced total CAPEX, by reducing the topside processing and/or
pipeline CAPEX;

* Accelerated and/or increased production and/or recovery;

* Enabling marginal field developments, especially fields at deepwater/
ultra-deepwater depths and with long tie-backs;

» Extended production from existing fields;

* Enabling tie-in of satellite developments into existing infrastructure by
removing fluid;

* Handling constraints;

* Improved flow management;

* Reduced impact on the environment.

Subsea boosting, as explained in an earlier section, is one means of
increasing the energy of the system.

Subsea separation can be based either on two- or three-phase
separation:

*  Two-phase separators are used for separation of any gas—liquid system
such as gas—oil, gas—water, and gas—condensate systems.

* Three-phase separators are used to separate the gas from liquid phase and
water from oil.

As can be seen from Figure 2-19, the technology and products required
for subsea boosting and water removal are available and in operation, while
three-phase separation and subsea gas compression still require some qual-
ification before being put into operation.

Multiphase  Water removal Gas / liquid separation Wet gas 3-phase separation
boosting Water re-injection  Solids management compression  Gas compression
Advanced control

e e i

Figure 2-19 Subsea Separation Development [9]
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Thus, a three-phase separator is useful for the crude consisting of all
three phases, namely, oil, water, and gas, whereas a two-phase separator is
used for the system consisting of two phases such as gas—oil, gas—water, or
gas condensate. Further, subsea separation could have a positive effect on
flow assurance, including the risk related to hydrate formation and internal
corrosion protection derived from the presence of the produced water in
combination with gas.

As opposed to the traditional methods of processing reservoir fluids at
a process station, subsea processing holds great promise in that all of the
processing to the point where the product is final salable crude 1s done at the
seabed itself. This offers cost benefits and also improves recovery factors
from the reservoir. Other advantages include a lesser susceptibility to
hydrate formation and lower operating expenditures.

Table 2-3 summarizes the classification of subsea processing systems.
Characteristics, equipment, water disposal, and sand disposal are compared
for four types of subsea processing systems.

Table 2-3 Classification of Subsea Processing Systems [10]

Classification Characteristic Equipment Water Disposal Sand Disposal

Type 1 Multiphase  Multiphase None; pumped None; pumped
mixture is pump with other with other
handled produced produced
directly fluids fluids

Type 2 Partial Separator and Possible None; pumped
separation multiphase reinjection of  with liquid
of the pump; possible  partial water stream
production  use of wet-gas stream, i.e.,
stream compressor “free” water

Type 3 Complete Separator and Reinjection/  Must be
separation scrubber stages  disposal of addressed
of the with single or majority of
production  multiphase water stream
stream at pump; possible
subsea use of gas
conditions  compressor

Type 4 Export Multistage Re-injection/  Must be
pipeline separator and Disposal of addressed
quality oil  fluid treatment;  entire of
and gas single-phase water stream

pumps and

compressors
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2.8. TEMPLATE, CLUSTERED WELL SYSTEM,
AND DAISY CHAIN

Subsea production equipment can be configured in multiple ways based on
the field specifications and operator’s approach to operation.

Field development planners need to work closely with the reservoir and
drilling engineers early in the planning stages to establish a good well
location plan. Once the reservoir is mapped and reservoir models created,
the number of wells, types of wells, and their locations can be optimized.
Well layout is usually an exercise of balancing the need to space the wells out
for good recovery of the reservoir fluids against the cost savings of grouping
the wells in clusters. Add to this the consideration of using extended reach
wells, and the number of possible variables to consider becomes great. A
further consideration, reservoir conditions permitting, is the use of fewer,
high production rate wells through horizontal well completions or other
well technology. Here again, there are cost trade-off considerations.

2.8.1. Satellite Well System

A satellite well is an individual subsea well. Figure 2-20 illustrates a typical
satellite tie-back system. Satellite wells are typically used for small devel-
opments requiring few wells. Often the wells are widely separated and the
production is delivered by a single flowline from each well to a centrally
located subsea manifold or production platform. Various field layouts must

Flgure 2-20 Typical Satellite Tie- Back System [2]
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be examined. This evaluation must involve hydraulic calculations and cost
sensitivity analyses taking into consideration flowline cost, umbilical cost,
and installation cost and flow assurance issues.

2.8.2. Template and Clustered Well System

If subsea wells can be grouped closely together, the development cost will
usually be less than that for an equivalent number of widely dispersed wells.
Well groupings may consist of satellite wells grouped in a cluster, or a well
template, in which the well spacing is closely controlled by the template
structure. Figure 2-21 shows a typical manifold cluster layout.

2.8.2.1. Clustered Satellite Wells

Clustered satellite subsea well developments are less expensive than widely
spaced satellite wells mainly because of flowline and control umbilical
savings. If several satellite wells are in proximity to one another, a separate
production manifold may be placed near the wells to collect the production
from all of the wells and deliver it in a single production flowline that is
connected to the production facility. In addition, a single umbilical and
umbilical terminal assembly (UTA) can be used between the well cluster and
the production platform. Figure 2-22 shows a field with eight clustered
satellite wells, two subsea production manifolds, and a production umbilical
and UTA.

Well Jumpers

Manifold

Flowline
PLETs / PLEMs

Figure 2-21 Typical Manifold Cluster Layout [2]
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Figure 2-22 Clustered Well Systems [11]

In the case of clustered satellite wells, wells may be placed from several
meters to tens of meters from one another. The wider well spacing is often
dictated by a desire to be able to position the drilling rig over one well
without imposing dropped object risk on adjacent wells. It is hard to precisely
control the spacing of individual satellite wells, so crossover piping and
control umbilicals must be able to accommodate the variations in spacing.

2.8.2.2. Production Well Templates
Another way of clustering wells is by means of a well template. Well
templates are structural weldments that are designed to closely position
a group of well conductors. Well templates may support two wells or more
than a dozen wells. Apart from reservoir considerations, the number of wells
in a well template is only limited by the size of the well template that can be
handled by the installation vessel. Small templates are usually deployed from
the drilling rig. Larger ones may require a special installation vessel with
heavier lift capacity or better handling characteristics.
The following are some benefits of production well templates as
compared to clustered satellite wells:
o Wells are precisely spaced.
* Manifold piping and valves can be incorporated.
* Piping and umbilical jumpers between the trees and manifolds may be
prefabricated and tested prior to deployment offshore.
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* Piping and umbilical interfaces are less expensive than for clustered wells.

* Installation time is reduced by modularizing much of the equipment.

* Short flowline piping distances (compared to a cluster) reduce the
problems associated with flow assurance (e.g., wax and hydrate forma-
tion) and the need for extensive pipe insulation.

* Horizontalloads imposed by drilling can be taken by the template structure
as opposed to the tree and conductor in the case of a satellite well.

The following are some disadvantages of production well templates as

compared to clustered satellite wells.

*  Design and fabrication time may be longer due to greater complexity.

* There may be safety concerns related to simultaneous drilling and
production operations.

* Heavy templates may be more susceptible to subsurface instability, such
as shallow-water flows.

* There is less flexibility in determining well locations.

* ROV access may be limited due to space constraints.

2.8.3. Daisy Chain

The daisy chain subsea wells consist of two or more subsea satellite wells joined
by a common flowline (and possibly umbilical in series). Each subsea tree may
have a choke installed to avoid pressure imbalances in the flows. Figure 2-23
shows a flowline loop connected to the individual subsea wells along its route.

Using daisy-chained wells allows for the combined use of infield
flowlines by more than one well, and may provide a continuous loop for
round-trip pigging if needed. By arranging wells in a daisy-chained loop,
operators can better utilize the flowlines to the two completions. The dual
flowlines provide the capability for:

* Round trip pigging;

* Diverting both production flows into a single flowline if the second is
damaged;

* Individually testing the two wells whenever needed through indepen-
dent lines.

As more subsea wells are needed, the attraction of daisy chains disappears
and a manifold becomes more feasible. The advantages of a daisy chain
completion are as follows:

* Similar to a single satellite well, cost is only incurred if and when

a completion is purchased and installed; the operator doesn’t have to

purchase significant infrastructure before it is needed.
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* Some sharing of flowlines may be possible.

* Round trip pigging is possible.

*  Wells are not mechanically linked and can therefore be located over
a wide area, which is especially important in oil fields where low
permeability exists.

* In situ access to the installed equipment by ROV or divers is good
because of the absence of adjacent equipment.

* Potential damage from dropped objects is constrained to (at worst)
a single completion.

* Simultaneous production and drilling does not present a problem.

Disadvantages of daisy chain wells include these:

* The possible need for subsea chokes on each well.

* Absence ofa “common datum’” for flowline connections and umbilical tie-in

* Necessity for the drilling rig or dynamic positioning (DP) vessel to
relocate in order to reach another well.

2.9. SUBSEA FIELD DEVELOPMENT ASSESSMENT

For subsea field development, field layout designs are selected based on
historical data obtained from other projects, and various brainstorming and
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discussion sessions with teams from all other subdisciplines. Critical design

factors may consist of, but are not limited to, the following [4]:

* Engineering and design;

¢ Cost and schedule involved;

*  Well placement and completion complexity;

* Flexibility of field expansion;

¢ Ease of construction and fabrication for the subsea hardware;

* Intervention capability (easy, moderate, or difficult to intervene);

* Rig movement (offset from mean under extreme environmental
conditions);

* Installation and commissioning, such as ease of installation and
commissioning, flexibility of installation sequence;

*  Reliability and risk of the field architecture;

* ROV accessibility.

The inputs from the entire project team are used to assign percentage
weights to each of these design factors. Normally, all of the various types of
field layout designs, such as the subsea tie-back, subsea stand-alone, or
subsea daisy chain, can be applied in the field. Reliability, risk assessment,
and economic balance are the dominant factors when deciding what kinds
of field layout will be chosen.

The following material presents an overview of the available means of
adding energy to the production fluid and assessing the best location for the
artificial lift to be introduced in a generic deepwater field development. The
objectives are:

* To evaluate the artificial lift options including lift gas, electrical motor-
driven pumps (ESPs or multiphase pumps) and hydraulic submersible
pumps (HSPs);

* To determine the best location (riser base, subsea manifold, or down-
hole) for artificial lifts using lift gas;

* To determine the best location for installing electrical motor-driven
pumps for artificial lifts (ESPs downhole versus multiphase pumps at
subsea manifold or riser base);

* To determine the best configuration (open loop versus closed loop) for
installing an HSP in a riser in conjunction with coiled tubing for arti-

ficial lift.

Figure 2-24 shows an overview of deepwater field development. An
example is given in the following sections to show how to calculate and
analyze a field development.
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Figure 2-24 Overview of Deepwater Field Development [12]

2.9.1. Basic Data

Reservoir

*  Pressure = 8000 psia;

*  Temperature = 200°F;

o Well PI = 20 bpd/psi;

* Reservoir pressure maintenance by water injection.

* True vertical depth (TVD) = 11,000 ft from mudline;

* Tubing size = 5.5-in. OD (0.36-in. WT);

* Kick-oft point = 2,000 ft below mudline;

*  Kick-oft angle = 45°;

* Roughness of tubing = 0.0018";

+ U value for wellbore = 2.0 Btu/(ft* hr °F).

Subsea Development

*  Water depth of 8000 ft;

o Subsea well completion, dual flowlines, three identical wells per
flowline;

* Tie-back distance from subsea manifold to topsides (Howline + riser) of
25,000 ft;

* Steel catenary riser, pipe-in-pipe configuration considered for both riser
and flowline with an assumed U value of 0.2 Btu/(ft* hr °F);

e Seabed terrain assumed to be flat;

* Typical environmental conditions including seawater temperature
profile and air temperature were used,;

* Riser/flowline roughness = 0.0018 in.;

* 10- and 12-in. nominal riser/flowline sizes were evaluated.
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A reservoir’s inflow performance relation is achieved by using Fetkovick’s

equation:
Py \2T
Q(Pys+Pr) = AOFP(Pg)- [1 - (—f> ]
. PR
where
P2 " Sm3
AOFP(PR) = [—&—]) -
(PR) <bar2-ec> day

The following slope factor and intercept factor has been selected: n =

0.82, C = 0.35.

The productivity index for the selected inflow performance relation
with a wellbore flowing pressure of 325 bar and a reservoir pressure of 350

bar is as follows:

PI(P P, ) d Q(P P, )
wf*I'R) = |7 — wf * 'R
! dpuy
3
PI(325°bar,350'bar) = 69.271-
day X bar

Correction to the inflow performance with regard to increased
saturation of the reservoir has not been made.
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Figure 2-25 Water-Cut Profile [12]
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2.9.2. Water-Cut Profile

The water cut of the well fluid from the reservoir is assumed as described in
the Figure 2-25. An increase in water production occurs much more slowly
in this depletion case than would be the case if water injection for pressure
maintenance was included. The water-cut profile is described as a function
of accumulated liquid from the reservoir.

When a volume of liquid of 30 million cubic meters (Mm”) has been
extracted from the reservoir, the water-cut has reached about 99%. The total
volume of oil produced to the topsides specification is shown next when 30
Mm” liquid has been extracted:

1 30xMm®
— (1 — Water-Cut(N,)dN,) = 11.69+Mm’
Buoit Joxm?

2.9.3. Process Simulations

Process simulations have been carried out with HYSYS process simulator.
The OLGAS correlation has been applied for pressure drop calculations in
pipe segments. The model is illustrated in Figure 2-26, showing a simulation
of a multiphase pump at the riser base in a situation when 5 Mm” liquid has
been produced from the reservoir.

A series of simulations are performed for various reservoir accumulations
to establish the liquid production from the reservoir as a function of the
reservoir condition. These simulations are then repeated for the various
production cases that are investigated.

The time it takes to produce a certain volume from the reservoir is
calculated by integrating the liquid rate function with regard to volume
accumulation. Accumulated production versus time is illustrated in
Figure 2-26 for a multiphase pump at the wellhead in the 1000-m case.
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3.1. INTRODUCTION

A subsea distribution system (SDS) consists of a group of products such as
umbilical and other in-line structures that provide communication from
subsea controls to topside. This chapter describes the main components of
the SDS currently used in subsea oil/gas production, and defines its design
and the functional requirements of the system.

The type of system to be discussed in this chapter should be designed to
perform the following functions:
* Hydraulic power distribution;
* Chemical injection distribution;
* Electrical power distribution;
* Communication distribution.

3.1.1. System Architecture

The SDS normally includes, but is not limited to, the following major
components:

* Topside umbilical termination assembly;

* Subsea accumulator module;

* Subsea umbilical termination assembly, which includes:

*  Unmbilical termination head (UTH);

* Hydraulic distribution module;

e FElectrical distribution module;

Flying leads.

* Subsea distribution assembly;

* Hydraulic flying leads;

* Electrical flying leads;

*  Multiple quick connects;

* Hydraulic coupler;

e Electrical connector;

* Logic caps.

Figure 3-1 illustrates the relationships of the main structures.

The subsea umbilical termination assembly mainly consists of inboard
multiple quick connect (MQC) plates, mounting steel structures, a lifting
device, mudmat, logic cap, long-term cover, field assembled cable termi-
nation, and electrical connectors.

The subsea distribution assembly mainly consists of a hydraulic distri-
bution module (HDM) and electrical distribution module (EDM). The
HDM consists of inboard MQC plates, mounting steel structures, lifting
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Figure 3-1 Subsea Distribution System Block Diagram

padeyes, a mudmat, logic cap, and long-term cover. The EDM consists of
bulkhead electrical connectors and cables and, in some cases, an electrical
transformer module.

Hydraulic flying leads (HFLs) mainly consist of two outboard MQC
plates with holding structures and steel tubes. Electrical flying leads
(EFLs) is mainly consist of two electrical connectors and a number of
cables.
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3.2. DESIGN PARAMETERS
3.2.1. Hydraulic System

The following main parameters need to be determined for the hydraulic

system:

Reservoir sizing;

The time to prime the hydraulic system from a depressurized state;
Opening and closing response times of the process valves under
conditions of minimum and maximum process pressure;

The time for the pressure to recover following a process valve opening;
The time to carry out a sequence of valve openings, such as the opening
of a tree (neglecting choke valve operation);

The stability of opened control and process valves to pressure transients,
caused by operation of the other control and process valves (sympathetic
control valve de-latching, process valve partial closing, etc.);

Response time to close process valves in the event of a common close
command, such as an emergency shutdown at the surface, venting oft
hydraulic control valves via supply lines;

The time to vent the umbilical hydraulic supplies;

The impact that failure of subsea accumulation has on the safe operation
and closure of the process valves;

The extent of control fluid leakage rate that can be accommodated by
the system;

System response times for simultaneously opening and closing multiple
choke valves.

3.2.2. Electrical Power System and Communication

The following main parameters need to be determined by means of a system

power demand analysis:

Voltage at subsea electronic module (SEM) for maximum and minimum
SEM power loads;

Voltages at each SEM at maximum and minimum numbers of subsea
control modules (SCMs) on the subsea electrical distribution line;
Voltages at SEM at minimum and maximum designed umbilical lengths;
Voltages at SEM at cable parameters for dry and wet umbilical
insulations;

Minimum and maximum subsea power requirements;

Maximum current load;

Topsides electrical power unit power factor versus SCM voltage.
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A communication analysis is conducted to determine the minimum spec-
ifications of SCM and master control station (MCS) modems:

* Modem transmit level;

*  Modem receive sensitivity;

*  Modem source/load impedance.

3.3. SDS COMPONENT DESIGN REQUIREMENTS

3.3.1. Topside Umbilical Termination Assembly (TUTA)

The TUTA as shown in Figure 3-2 provides the interface between the
topside control equipment and the main umbilical system. This fully
enclosed unit incorporates electrical junction boxes for the electrical power
and communication cables, as well as tube work, gauges, and block and
bleed valves for the appropriate hydraulic and chemical supplies.

The TUTA will typically be located near the umbilical J-tube on the
host. Basically, it includes an electrical enclosure in a lockable stainless

Figure 3-2 Topside Umbilical Termination Assembly (TUTA) [1]
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steel cabinet certified for its area of classification with ingress protection
to fit its location. Additionally the valves in the TUTA comply with
requirements for valves in flammable services as stated on fire testing
standards.

The termination unit at the topside end of the umbilical is designed for
hang-oft’ and includes a bull-nose suitable for pulling the umbilical up
through the host guide tube onto a termination support. For a free-flooded
umbilical, it is sufficient to seal off the individual ends of the conductors and
tubes and use an open bull-nose.

Tubes must be individually sealed to prevent hydraulic oil loss and water
ingress during the pulling operations. Electrical conductors must be sealed
to prevent water ingress along the insulation.

If the umbilical is intended for temporary laydown, pressure relief during
retrieval is considered.

Basically, the J-tube seals can withstand a 100-year maximum wave and
maintain its differential pressure capability during service life. Free span
corrections between the J-tube bell mouth and seabed are also be designed
according to the project’s specific design basis.

3.3.2. Subsea Umbilical Termination Assembly (SUTA)

The SUTA shown in Figure 3-3 is the subsea interface for the umbilical and

may serve as the distribution center for the hydraulic and chemical services

at the seabed. The SUTA is connected to the subsea trees via HFLs.
SUTA is typically composed of the following:

e UTH,;

* Flying leads to connect the UTH and HDM,;

* HDM if available;

*  Mudmat foundation assembly with stab and hinge-over mechanism;

* MQC plates to connect to HFLs.

The type of SUTA to be used is determined by field architecture consid-

erations, and is further defined during detailed design.
The SUTA is designed with the following flexibilities:

* Provision for possible links to additional umbilicals;

* Provision for spare header included in case of internal piping failure;

*  Demonstration of design that allows flexible installation;

* Retrievability and reconfiguration options;

* Redirection of any umbilical line to any tree service via flying leads.
SUTAES are installable with or without drilling rig assistance. The mudmat

includes attachment points for adjusting the subsea position, with application
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Figure 3-3 Stab and Hinge-Over SUTA

of external horizontal forces, when direct vertical access for installation 1s not
possible.

A SUTA’s dimensions allow for ground transportation from the fabri-
cation facility to the final destination.

The umbilical is permanently terminated in the UTH.

The infield first end SUTA is a smaller unit, its purpose is to link the
electrical of hydraulic/chemical lines.

HEFLs are used to connect hydraulic/chemical lines between SUTAs and
subsea trees/manifolds.

EFLs are used to connect electrical power/communication from the
umbilical termination assembly (UTA) to the manifold and tree-mounted
SCM.

The UTH, HDM, and EDMs are each independently retrievable from
the UTA’s mudmat.
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Each of the electrical quads (umbilical cables with four conductors) is
terminated in electrical connectors at the UTH.

The EFL interconnects between these UTH connectors and the EDM
connectors, routing power and communication from the UTH to the
EDM. Subsea electrical distribution is done from the EDM to the subsea
trees and production manifolds.

Two flying leads provide the hydraulic/chemical interconnections
between the UTH and the HDM.

3.3.3. Umbilical Termination Head (UTH)

The UTH, shown in Figure 3-4, consists of a structural frame, hinging stab,
MQC plates, super-duplex tubing, and bulkhead style ROV electrical
connectors. Umbilical services are routed to the MQC plates and electrical
connectors for distribution to subsea production equipment.

The SUTA terminates the hydraulic subsea umbilical and provides
a flange connection to attach the umbilical termination. The umbilical is
composed of super-duplex tubes.

All tubing in the UTH and HDM is welded to the hydraulic couplers
located within the MQC plates. The number of welded connections
between the couplers and the tubing is kept at a minimum. Butt-weld joints
are preferred over socket-welded connections. The design allows for full
opening through the tubing and the welded area. The design also avoids any
area where crevice corrosion may occur.

e /0
Figure 3-4 Umbilical Termination Head (UTH) [2]
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The termination flange connection between the SUTA and the

umbilical is designed to accomplish the following condition:

Because the SUTA is installed with its stab and hinge-over stinger, the
flange is capable of supporting the weight of the SUTA as well as all
installation loads.

After installation, the SUTA may need to be lifted from its mudmat and
stab and hinge-over funnel. As the SUTA is lifted and brought back to
the surface, the flange is capable of supporting the “unsupported”
umbilical weight with a 50% safety factor.

The UTH at minimum complies with the following requirements:

At minimum, the UTH is designed to allow termination of a minimum
of nine umbilical steel tube lines and two electrical quads.

The structural frame is designed to securely attach to and support the
umbilical and end termination as well as provide mounting locations for
the MQC plates and bulkhead electrical connectors.

The hinging stab is attached to the frame and is the interface between the
UTH and mudmat structure.

The UTH frame size is minimized in order to simplify handling and
overboarding.

The UTH are kept small to fit inside most umbilical overboarding
chutes, and can be maneuvered through most vessel umbilical handling
systems.

The recovery padeyes are designed to take the full recovery load of the
UTH and the umbilical.

The UTH, combined with the umbilical split barrel (supplied by
the umbilical manufacturer), is designed to sit on the umbilical reel
of an installation vessel at the end and/or at the beginning of the
umbilical.

Tubing connections and other possible points of failure are reduced as
much as possible in the UTH to avoid having to retrieve the umbilical to
repair a failed component.

3.3.4. Subsea Distribution Assembly (SDA)
The SDA, as shown in Figure 3-5, distributes hydraulic supplies, electrical

power supplies, signals, and injection chemicals to the subsea facilities. The

facilities can be a subsea template, a satellite well cluster, or a distribution to
satellite wells. The SDA connects to the subsea umbilical through the
SUTA.
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Figure 3-5 Subsea Distribution Assembly

3.3.4.1. Construction

The SDA frame is fabricated from carbon steel coated in accordance with
a subsea paint specification. The frame is designed for lifting and lowering
onto a location on a subsea production structure. Alternatively, the SDA can
be located on a mudmat, simple protective frame, or monopile.

3.3.4.2. Interface with the Umbilical

The SUTU can connect to the SDA with a vertical/horizontal stab and
hinge-over/clamp connection. Alternatively, it can connect via electrical
and hydraulic jumpers at a seabed level pull-in location or manifold
structure pull-in location using an ROV or diver connectors. If the field
layout demands, the jumpers can route through a weak link breakaway
connector.

3.3.4.3. Interface with SCM
The jumpers from the SDA to the subsea accumulator module mounting
base (SCMMB) are connected using an ROV.

3.3.4.4. Electrical Distribution

The electrical distribution is usually contained in an oil-filled, pressure-
balanced, fabricated and coated carbon steel housing called an electrical
distribution unit (EDU). (Non—pressure-balanced, resin-filled junction
boxes are sometimes used, but these do not allow future maintenance and
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require the encapsulated components to be suitable for use at depth; designs
requiring current-limiting devices may be housed in a one-atmosphere
enclosure.) Entry and exit of the EDU is by flange-mounted electrical
controlled environment-type connectors.

The connectors are configured so that any connections that may be
accidentally disconnected live have the live conductors protected from the
seawater.

Cable tails from the back of the electrical connectors within the oil-filled
housing are connected for distribution as required by the control system
architecture and the system redundancy capability.

The requirement for fault protection is dependent on the system design
and the number of wells that could potentially be disabled by a subsea cable
fault. Three types of electrical protection are used: fuses, circuit breakers,
and thermal resetting trip devices.

Fuses are not effective, as slow-blow fuses are necessary in order to cater
to the inrushing current while charging up the umbilical. This makes fuses
ineffective in isolating a fault in the distribution system without overloading
the remainder of distribution outlets and, generally, a fuse would not blow
before the line insulation fault trip in the EPU is activated.

Circuit breakers have been used subsea in EDUs, but are not
commonly used because the circuit breaker reset mechanism has to
penetrate through the EDU housing using O-rings, which introduces
a potential fault path.

The thermal resetting devices are semiconductor devices and due to the
technology required, they are not available from all suppliers.

3.3.4.5. Hydraulic and Chemical Distribution

The hydraulic distribution is by tubing from the incoming interface
connection routed around the structure to the distribution outlets. The stab
connections and the tubing are generally made of type 316 stainless steel.
The tubing terminations are all welded for integrity. The tubing, which is
usually installed at a fabrication site, has to be flushed and cleaned to the
integrity required by the subsea control system.

Chemical injection systems generally require larger volume flows during
normal operation, and are also subject to increased viscosity at lower seabed
temperatures. Therefore, larger bore tubing or piping is generally used,
again welded to maintain integrity.

Multiple stab plate hydraulic connections must have some movement in
order to allow for alignment during makeup. Also tubing is often installed
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on structures using clamps with plastic inserts. This can leave the tubing and
end connections floating without cathodic protection. It is essential that
these items be electrically bonded to the main structure cathodic protection
system to avoid rapid corrosion of the system.

Other material that may be considered for the distribution piping or
tubing is carbon steel for the chemical injection system, or more exotic
materials such as Duplex or Super Duplex stainless steel.

To ensure correct mating of the respective parts, guide pins are used on
stab plates, and single connections may have different size quick-connect
couplings or may be keyed for proper orientation.

3.3.4.6. ROV Connection

The access of an ROV to the SDU has to be carefully considered. It is not
necessary to have a docking station for ROV makeup, but docking may make
certain tasks easier. If the field survey shows strong currents at the seabed and
changeable directions, then ROV docking is necessary.

With multiwell applications where the ROV must remove connectors
from parking positions and hook up at positions on the SDU it is essential
that the ROV does not get entangled in any of the other flying leads. This
can cause damage to the flying leads or may entangle the ROV where it
would need to cut flying leads in order to free itself.

Clear marking of the connection point is essential to ensure that the
ROV pilot can orient the ROV at the desired location and to ensure that the
correct hookup in low-visibility subsea.

3.3.5. Hydraulic Distribution Manifold/Module (HDM)

The purpose of the HDM is to distribute hydraulic fluid (LP and HP) and
chemicals to each of the subsea trees, production manifolds, and to future
expansions. The HDM as shown in Figure 3-6 consists of multiple inboard
MQC plates on a frame that is mounted on an umbilical termination
assembly mudmat (UTA-MM).

The hydraulic distribution depends on:
e The number of valve functions;
¢ The actuator sizes;
* The frequency of valve operation while operating the system;
e The location of the valves, trees, and manifolds.

Stored hydraulic energy in accumulator bottles (SAM) is required to
allow fast sequential opening of subsea valves without affecting the operation
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Figure 3-6 Hydraulic Distribution Unit (EDM and HDM)

of other valves in the system. The accumulators are charged up by the
hydraulic supply in the umbilical.

The HDM allows for the reconfiguration of services by changing logic
caps during the service life.

Each HDM has a spare line going to all inboard MQC plates to allow the
umbilical services to be reconfigured in case of an umbilical line failure or
a change in the operability and/or chemical requirements of the existing
field or an expansion location.

ROV valves are being used where desired functionality or isolation
cannot be achieved by a logic cap. A spare manifold is included in the HDM
to provide flexibility for reconfigurations.

The minimum component test pressure is 50% above design pressure.

Basically, all parts and components of the subsea distribution system are
clean before and during assembly.

The subsea hydraulic system is robust and designed to tolerate acci-
dental contamination by seawater and particles. It should be designed to
avoid accumulation of such contamination. All components are qualified
for operation in fluid contaminated with solid particles. Vulnerable parts
with very low fluid consumption (e.g., directional control valve pilot
stages) should be protected by filters. Otherwise strainers should be used. A
logic/crossover cap is used to reconfigure spare umbilical line to replace

failed line.
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3.3.6. Electrical Distribution Manifold/Module (EDM)

The number of electrical connectors in series is kept to a minimum.
Redundant routing to the module connectors should follow difterent paths
if possible.

The cables should be installed into self~pressure compensated fluid-filled
hoses. The fluid is a dielectric type. Dual barriers are provided between
water and the conductor. Both barriers should each be designed for oper-
ation in seawater.

Manifold electrical distribution cabling and jumper cables from umbil-
ical termination to the subsea control module (SCM) can be replaced by an
ROV. Removal of the faulty cable is not necessary.

In the case of a failure in the distribution system, it should be possible to
run several SEMs on one pair after using an ROV for reconfiguration.

If one electrical line is supplying more than two SEMs, the distribution
and isolation units can be located in a separate, retrievable distribution
module.

Connection of electrical distribution cabling and electrical jumpers is
made by an ROV using simple tools, with minimum implications for rig/
vessel time.

The cable assemblies should be designed and installed such that any
seawater entering the oil will move away from the end terminations by gravity.

The EDM is configured with the following in mind:

* FEach UTA is configured with a single EDM.

* The EDM is capable of distributing the electrical and communication
services of two umbilical quads from a UTH to the multiple subsea
assemblies.

* There are four electrical parking positions for parking of the flying lead
end of the distribution harness during installation and retrieval, each
protected long term by an ROV universal protection cap.

* No other electrical parking positions are provided on the EDM.
Additional parking provisions will be provided by the deployment of
a separate parking frame assembly if required.

* There are eight electrical output connectors (receptacles), each pro-
tected long term with an ROV universal protection cap.

* The EDM consists of oil-filled electrical splitter harnesses mounted
within a retrievable structure. The splitter harness multiple outputs are
terminated in bulkhead-mounted ROV electrical plug connectors with
socket contacts.
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* Attheinput end, which connects to the UTH, the single leg of the harness
is terminated with an ROV-mateable plug connector with socket contacts.

* The EDM interfaces with the tree/manifold supply EFLs and step-out
EFLs to the static umbilicals, as shown earlier in Figure 3-6.

* Power and communication are provided from a female electrical
connector to a male connector.

3.3.7. Multiple Quick Connects (MQCs)

The MQC plates are outfitted with the appropriate number of couplers to
match the number of tubes in the hydraulic flying leads. Any unused
positions in the MQC plate are outfitted with blanked-off couplers. All
tubes and coupling assignments need to match the tree assignments.
Figure 3-7 shows an MQC assembly.

All couplers are energized, and the MQC is capable of withstanding full
coupler pressures (design pressure and test pressure). The design of couplers
is considered to have the potential for external leakage due to external
pressure being greater than internal pressure.

MQC plates are located within the SUTA envelope/tree/manifold side,
for example, and are protected from any damage during installation. The
location and arrangement of the MQC plates is ROV friendly and allow for
connection and disconnection of any MQC connection without disturbing
the others.

MQC plates are supplied with pressure-retaining protective covers.
These may be required to remain subsea for extended periods of time and to
be removable by an ROV, prior to installation of flying leads.
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Figure 3-7 MQC Assembly
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MQC plates have ROV-operable attachment means in order to connect
to the flying leads. All standard and special ROV tools required for this
connection must be specified. Besides it is also required to specify the
following ROV makeup and disengage torque requirements:

» Starting torque;

* Running torque;

*  Maximum torque required to engage fully energized couplers;

*  Minimum torque required to disengage the couplers or break-out tor-
que with and without internal pressure at the subsea ambient condition;

* Maximum torque required to engage the override mechanism.

The MQC designs provide means for the ROV to verify the orientation
and alignment of the outboard plate, prior to insertion into the inboard
MQC plate.

The necessary tools to release the outboard plate from the inboard plate
in the event the plates cannot be separated by the ROV should be well
equipped. MQC plates are outfitted with an emergency release device. The
design also prevents the MQC plates from engaging if they are not aligned
properly. The couplers are not engaged prior to proper inboard plate
alignment. For interface information purposes, all data for the acceptable
angular, axial, and radial misalignment tolerance to ROVs must be recorded.

The designs allow for the full guidance of the attachment mechanism
and avoid any possibility of thread engagement. The design also allows for
the verification of the alignment and engagement of the threads.

MQC plates have identification numbers that are visible for ROV
inspection.

MQC plates have windows for ROV inspection. These windows will be
used for inspecting full engagement of the MQC plates as a means to verify
that installation was properly made, and to inspect for leaks during
operation.

3.3.8. Hydraulic Flying Leads and Couplers

The hydraulic flying leads deliver hydraulic and chemical services from the
SUTA to the tree or from the SDA to the tree, as shown in Figure 3-8.

The HFLs are made up of three main components: the tubing bundle,
the steel bracket assembly heads, and the MQCs. The bundle is terminated
at both ends with an MQC plate, which is used to connect the HFL to the
trees, or the UTA. These assemblies have padeyes for handling and
deployment purposes.
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3.3.8.1. Construction
Tubes are bundled and jacketed for protection and to prevent kinks in the
tubes.

End terminations from the tubes to the MQC assemblies and to the
couplers are welded and NDE (None Destructive Examination) examined.

Termination assemblies are structurally sound and capable of withstanding
all transportation, installation, and operation loads.

3.3.8.2. Connection Plates
The hydraulic flying leads are supplied with MQC plates designed for
a number of couplers. All tubes and coupling assignments need to match
UTA and tree assignments.

All couplers and the HFL are capable of withstanding full design pressure
and test pressure. The design takes into consideration the fact that all
couplers will be energized to a full test pressure of 1.5X design pressure
during a FAT (Fabrication Assemble Testing) proof test.

Design of all MQCs and couplers also considers the potential for leakage
due to the external pressure being higher than the internal pressure.

All seals are compatible with the chemicals, methanol, and hydraulic
control fluid used.

Hydraulic couplers are leak free in the unmated condition with high
pressure of full working pressure or low pressure of 1 psi.

MQC plates on the HFL have ROV-operable attachment means in order
to connect to the inboard MQC plates at the UTAs, trees, and manifold.
Makeup at depth must be achieved with all positions pressurized or only one
side pressurized. Breakout at depth must be achieved with no positions
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pressurized. No special tooling is required for installation or removal of the
terminations.

Hydraulic couplings must be qualified for the duty and be capable of
mating and unmating at worst case angles after coarse alignment, without
failure. The MQC must be capable of mating and unmating 50 times on
land and 30 times at design water depth without seal replacement and
without leakage when made up and subjected to internal pressures between
0 psi and the system working pressure, and maximum hydrostatic pressure.

The following potential misalignments should be considered in MQC
design:

* Linear misalignments: 1.5 in. in each direction;

* Axial misalignment between male and female connector limited to 3
degrees;

* Rotational misalignment limited to 5 degrees.

MQC plates are outfitted with an emergency release device. The design also
prevents the MQC plates from engaging if they are not aligned properly. The
couplers are not engaged prior to proper alignment. The emergency release
mechanism makes provision for the separating forces necessary at depth.

MQC plates are visible for ROV inspection. This visibility must be
capable of indicating full engagement of the MQC plates and means to
verify that installation was properly made. It must be possible to inspect for
leaks during operation.

3.3.8.3. Installation
All circuit paths in the HFL are proof tested to 1.5X maximum design
pressure.

HFLs are visible to the ROV at the design water depth and in installed
configurations.

HFL assembly design incorporates the means for offshore deployment.
The design also incorporates the capability for HFLs to be lifted and installed
by ROVs subsea. Maximum weights in air and water (for empty and filled
tubing) and any buoyancy/flotation requirements must be defined.

Methods for handling, installation, and retrieval and for providing any
necessary permanent flotation must be specified. Oftshore test/verification
procedures and long-term storage procedures must be provided. All
assembly drawings, list of materials, and interface drawings to ROV oper-
ation and installation must be provided.

HFLs are outfitted with ROV API-17F Class 4 buckets or as referenced
in ISO 13628-8 [3] for handling purposes.
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The type of fluid that is required inside the HFL during shipping and
deployment must be defined. Storage fluids must be compatible with
chemicals and hydraulic fluid. HFLs are outfitted with MQC protection
caps during shipping.

The maximum allowable pull on a termination and the minimum bend
radius for assembled HFLs must be specified.

HFLs have clear permanent markings visible to an ROV during design
life at service subsea.

3.3.8.4. Hydraulic Couplers

The hydraulic couplers for deepwater applications need a spring strong
enough to seal against the external pressure head in order to prevent seawater
from contaminating the hydraulic fluid, and need to be designed such that
only a low-pressure force is required for makeup. Figure 3-9 and Figure 3-10
illustrate female and male hydraulic coupler structures, respectively.

Couplings are available that require a low force for makeup, and these are
available with dual redundant resilient seals and with a combination of
resilient and metal seals.

For deepwater applications a fully pressure-balanced coupling is pref-
erable. These are fairly new concepts, but are available in single coupler pair
design and also the four coupler hydraulic circuits design. The single pair is
a resilient seal with a porting design that allows for inherent pressure
balancing across the poppets, which provides pressure assistance to the
spring closure force when the coupling is disconnected. The design uses
a combined metal and resilient seal arrangement acting in a shear seal
arrangement as the coupler mates and disconnects.

Both designs use the principle that the flow path is radial and hence
produces no resultant separation force.
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Figure 3-9 Female Hydraulic Coupler
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Figure 3-10 Male Hydraulic Coupler

It is important for hydraulic couplers to have adequate flow paths to
ensure that adequate hydraulic response times are achievable. The poppets
are balanced to prevent them being driven hydraulically from the central
open position and sealing against one of the seal faces.

The female couplers are usually assembled into a hydraulic jumper stab
plate so that they can be retrieved and the seals replaced if necessary. The
female couplers are assembled so that they are floating on the plate to allow
for any manufacturing tolerances.

The backs of the connectors have to be terminated by screw-on hose
termination couplers or by screw seal or welded assemblies for the termi-
nation of steel tubing.

Joint Industry Conference (JIC) hose terminations, which swage inside
the central core tube of a standard thermoplastic hose, can only be used
when the hose can be maintained full of fluid of a specific gravity equal to or
similar to the specific gravity of seawater. This is to prevent collapse of the
hose in deepwater applications.

Alternatively, high collapse resistance (HCR) hose with a spiral flexible
metal former under the core tube must be used. The flexible inner core is
designed to withstand the external seawater pressure and to prevent the hose
core from collapsing. The HCR hose requires a different type of coupling
that has a welded construction. The metal former inside the coupler slides
inside the spiral hose support and seals by swaging onto the outside of the
thermoplastic liner.

When stab plates are densely populated, it can be difficult to turn and
orient all of the hoses through 90 degrees and into the hose/cable
restraint. Right-angled connectors are used to orient the hoses into the
clamp. It may also be necessary to have these connectors of stepped heights
in order to allow hose makeup and to avoid tight bends or kinking of the
hoses.
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Hydraulic couplers have the following basic requirements:

Hydraulic couplers at the very minimum meet all requirements as stated
in the latest revision of ISO 13628-4 [4] and ISO 13628-6 [3].

This functional specification covers all different types of hydraulic
couplers, which includes, but is not limited to, (1) a coupler with
poppet, (2) a coupler without poppet, (3) a male blank coupler, and (4)
a female blank coupler.

The couplers include inboard and outboard MQC plates that provide
the mechanism for mating, demating, and locking multiple coupler
connections within a single assembly.

The hydraulic coupler system is configured to ensure that the replaceable
seals are located in the hydraulic flying leads.

Design of the hydraulic system should consider water hammer,
high-pressure pulses, and vibration on couplers. This includes external
sources, for example, chokes.

Where high cyclic loads are identified, the design and manufacturing
should be reviewed to mitigate associated risks, for example, the use of
butt-weld hydraulic connections.

The designs minimize ingress of external fluid during running and
makeup operation.

The couplers are designed for reliable and repeatable subsea wet
mating under turbid environmental conditions.

The couplers have a minimum of two seal barriers to the environment
unless the barrier is seal welded.

All chemical and hydraulic circuits within the same component are rated
to the same design pressure.

All hydraulic and chemical tubing circuits are NAS 1638-64 Class 6 [5]
(or equivalent ISO 4406 Code 15/12) [6].

The couplers are designed for operation and sealing under the maximum
torque and bending moment applied to mated couplers through MQC
engagement and misalignment.

The couplers have metal-to-metal seals with elastomeric backup seals.
Elastomeric seals must be compatible with the operating fluid.
Couplers are furnished with necessary protection equipment in order to
protect the equipment when being unmated and in-service and to
prevent calcareous buildup and marine growth.

Poppet couplers are to be used on all hydraulic and low-flow chemical
services.
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* Poppetless couplers are to be used on full-bore and high-flow
chemical injection lines to reduce pressure losses and eliminate trash
buildup through the poppet area (i.e., methanol supply and annulus
vent lines).

* Spare umbilical tubes have poppet couplers.

* Consideration must be given to the ability to bleed trapped pressure in
poppet circuits when recovered to surface (i.e., residual operation
pressure or head pressure once disconnected from system).

* Special consideration is given to scale buildup prior to connection.

3.3.9. Electrical Flying Leads and Connectors

The EFL connects the EDU to the SCM on the tree. Each SCM utilizes two
independent EFLs from the EDU for the redundant power on communi-
cation circuits, as shown in Figure 3-11.

3.3.9.1. Manufacturing

The EFL assembly is composed of one pair of electrical wires enclosed in
a thermoplastic hose, fitted at both ends with soldered electrical connectors.
The assembly constitutes an oil-filled, pressure-compensated enclosure for
all wires and their connections to ROV-mateable connectors.

3.3.9.2. Construction
Wires are continuous and are, at a minimum, of 16 AWG. A twisted-pair
configuration is recommended.

Voltage and current ratings for the wires are sized to not significantly
degrade overall circuit performance based on the results from the electrical
analysis.

WIRING DIAGRAM

6-WA RECEPTCLE CONTACT SIDE

6WAY PLUG CONTACT SIDE
Figure 3-11 EFL Assembly
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Wires are soldered to the connector pins and protected by boot seals of
compatible material. Pin assignment matches the system requirements.

A hose with low collapse resistance, specifically selected for subsea use,
with titanium or equivalent end fittings, connects both electrical connectors
of the flying lead, to ensure compatibility of materials used.

The length of the wire within the hose is sized to allow for any stretching
of the hose up to failure of the hose or the end fittings. Hose stretching does
not allow for any pull load on the soldered connections.

Hoses are a continuous length with no splices or fittings for lengths
under 300 ft (91m). Any use of splices or fittings is brought forward for
approval on a case-by-case basis.

Hoses are filled with Dow Corning —200 dielectric fluids.

The compatibility of the hoses, boot seals, and wire insulation with the
compensating fluid and seawater is confirmed.

The wire insulation is a single-pass extrusion and suitable for direct
exposure to seawater.

All wires are100 % tested for voids and pinholes by immersion in water
hipot.

Connectors are marked appropriately to simplify ROV operations. An
alignment key or other device is incorporated to ensure correct orientation.

The electrical connectors must be qualified for the duty and be capable
of making and breaking at worst case angles, before and after course
alignment, without failure. They must be capable of making and breaking
100 times under power on the female pin half without any sign of damage to
pins or sockets and still remain capable of excluding seawater.

3.3.9.3. Installation
Connectors are provided with shipping protection covers.

All assemblies are identified with tags on both ends of the EFL. Tags
must be designed such that they do not come off under severe handling
onshore, offshore, and during installation and must be visible to ROVs at
working water depth.

The color of the hose is visible to ROVs when in subsea use. Such colors
include yellow or orange.

ROV handles and bottom plastic sleeves are color coded for ease of
identification by the ROV underwater. These markings remain constant
throughout the life of the project.

All EFL assemblies are filled with compensating fluid to a slight positive
pressure (10 psi) prior to deployment.
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Flying leads installed subsea are protected with mating connectors when
not in use. These EFLs are temporarily located on parking positions on the
E-UTA assembly, at the tree, or on a parking stand installed for that purpose.

3.3.9.4. Electrical Connectors

Electrical connectors have the following basic requirements:

* An electrical connector is a termination for electrical cables used to
transmit electrical power of low voltage and communication signals
between subsea production control system components.

» Electrical connectors at the very minimum meet all requirements as
stated in the latest revision of ISO 13628-4 [4] and ISO 13628-6 [3].

* The number of electrical connectors in series is kept to a minimum.
Redundant routing follows different paths. Consideration should be
given to keeping voltage levels as low as practical in order to minimize
electrical stresses on conductive connectors.

* Connectors are either Tronic or ODI.

* The electrical connector is capable of making wet mateable electrical
connections utilizing an ROV. They are designed and constructed for
normal and incidental loads imparted by ROVs during make-or-break
operations.

* [t is important to confirm the type of connector halves — whether it is
“cable end” type or “bulkhead connector” type.

* The Christmas tree side has male (pin) connectors and the flying leads
have female (socket) connectors.

* Connectors are configured to ensure that no male pins are powered up
while exposed. Electrical distribution systems should be designed such
that “live disconnect” is not required during normal maintenance or if
possible during failure mode operation or recovery periods.

* Connectors are furnished with the necessary equipment to protect it
from being unmated while in-service and to prevent calcareous buildup
and marine growth.

* Optical connectors for any fiber-optic lines are fitted with long-term
protective caps.

3.3.10. Logic Caps

Hydraulic and chemical distribution equipment includes dedicated MQC
plates, known as logic caps (see Figure 3-12), which provide the ability to
redirect services by replacing an outboard MQC plate with an ROV. Logic
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Figure 3-12 Logic Cap Assembly

caps provide the flexibility to modify distribution of hydraulic or chemical

services due to circuit failures or changes in system requirements.
The logic cap consists of stab plate mounted hydraulic couplers con-

nected to HFL tubing and plumbed accordingly to suit the application.
Logic caps meet the following minimum requirements:

* They are always used for direct or manifold services in lieu of valves
when possible.

* Designed for 15 years.

* Rated to maximum 5000 psi.

*  Redundant LP supplies (e.g., LP1 and LP2) are in separate logic caps on
separate sides of the frame, where possible.

* High-pressure (HP) supplies must be routed through a logic cap.

* Redundant HP supplies (e.g., HP 1 and HP2) also must be in separate
logic caps on separate sides of the frame, and in the same logic cap with
a corresponding low-pressure (LP) circuit (i.e., HP1 and LP 1 will be
routed to same logic cap where possible).

* All chemical and annulus vent lines are distributed through a logic cap.

* Chemical tubes dedicated for step-out connections are not required to
pass through logic caps.

* The logic cap configuration does not allow cross flow between trees.

* Logic caps are ROV installable and retrievable. Grab rails are provided to
assist in ROV operations.

* All features conform to field wide standard designs in order to facilitate
interchangeability and to minimize tooling.

* Logic cap utilization is based on the following priority list:
* Hydraulic services;
*  Methanol (or other hydrate mitigation chemical) distribution;
*  Corrosion inhibitor (CI);
* Asphaltene dispersant/inhibitor;
*  Other chemicals as defined by project team.
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3.3.11. Subsea Accumulator Module (SAM)

The SAM, illustrated in Figure 3-13, is the subsea unit that stores hydraulic
fluid such that adequate pressure is always available to the subsea system even
when other valves are being operated.

SAM is used to improve the hydraulic performance of the subsea control
system in trees and manifolds. Basically, it will improve hydraulic valve
actuation response time and system hydraulic recovery time, at minimum
system supply pressures.

3.3.11.1. Description

When a subsea system is required to operate a number of trees located a long
distance away from the host, the hydraulic fluid from the topsides HPU will
take a considerable time to reach the subsea equipment, particularly where
small hoses are used in the umbilical. This can result in a drop in pressure at
the subsea tree when a valve is opened, as the pressure cannot then be
restored immediately via the umbilical.

Figure 3-13 Subsea Accumulator Module [7]
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If the pressure drops, other open tree valves may begin to close, before
the pressure can be restored.

If the pressure drops too much, the pilot valves in the SCM will “drop
out,” that is, close, causing one or more tree valves to close irrespective of
whether pressure is then restored via the umbilical.

To maintain an adequate level of pressure at the subsea location, some
degree of local accumulation may be required. This can be provided by
individual accumulators on the SCM itself, but more usually, a self-con-
tained skid containing several accumulator bottles is often provided, this
being termed a subsea accumulator module or SAM.

The SAM will house sufficient LP accumulation to maintain pressure
during valve operations. In addition, it is also sized to hold sufficient fluid to
perform a number of subsea control operations, even if the supply from the
surface no longer functions, thus giving a degree of reserve power. A trade-
off must be made against the size of skid required and the amount of
accumulation and this is done via a hydraulic analysis performed by the
manufacturer against the specifications. Sometimes the analysis will
demonstrate that HP accumulation is also required.

The requirement for an increased nitrogen precharge pressure in
deepwater applications will decrease the efficiency of subsea accumulation,
which will increase the number of accumulator bottles required.

3.3.11.2. Components

A SAM is a simple skid, primarily housing accumulators. Nevertheless, it
must be designed, manufactured, and tested as part of the overall system, and
may be designed to be retrievable for maintenance, because the accumulator
precharges may periodically need replenishing.

The design may also incorporate a filter and block/bleed valves to allow
flushing and testing.

Figure 3-14 shows a block diagram for the subsea accumulator module.
The SAM is usually a stand-alone skid, connected via a mounting base,
which is connected to the SDU or the hydraulic tubing supplying the subsea
control modules. The SAM is run and retrieved in a manner similar to that
for the subsea control module. To allow the SAM to be retrieved for
maintenance, ROV-operable block, vent, and bypass valves are sometimes
incorporated into the manifold/template tubing (where the hydraulic
distribution is hard piped). This valve will allow production to continue
while the unit is replaced, but tree valves should not be operated while the
bypass is in operation, due to the risk of pressure drop as outlined earlier.
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Typical SAM
(LP only)

—><to—

Figure 3-14 Subsea Accumulator Module Block Diagram

When block and vent valves are not used, the SAM can be retrieved by
pulling off its mounting base and relying on the self-sealing, quick-connect
hydraulic couplings sealing to maintain the pressure in the hydraulic system.

Installation of the SAM is difficult, because a large force is required to
mate the SAM and SAMMB (Subsea Accumulator Module Mating Block)
against the closed force exerted behind the closed hydraulic poppets. It is
essential that the hydraulic quick-connect couplings used in this application
be fully pressure balanced to counteract the coupling mating forces,
particularly in deepwater applications.

A running tool is required to run and set the SAM onto the SAMMB in
deepwater applications.

REFERENCES

[1] P. Collins, Subsea Production Control Umbilicals, SUT Subsea Awareness Course,
Houston, 2008.

[2] T. Horn, G. Eriksen, W. Bakke, Troll Pilot - Definition, Implementation and Expe-
rience, OTC 14004, Houston, 2002.

[3] International Standards Organization, Petroleum and Natural Gas Industries — Design
and Operation of Subsea Production Systems — Part 8: Remotely Operated Vehicle
(ROV) Interfaces on Subsea Production Systems, ISO 13628-8/API 17E 2002.

[4] International Standards Organization, Petroleum and Natural Gas Industries — Design
and Operation of Subsea Production Systems — Part 4: Subsea Wellhead and Tree
Equipment, ISO 13628-4, 1999

[5] National Aerospace Standard, Cleanliness Requirements of Parts Used in Hydraulic
Systems, NAS 1638-64, Class 6, 2001.

[6] International Standards Organization, Hydraulic Fluid Power — Fluids — Method for
Coding the Level of Contamination by Solid Particles, ISO 4406, 1999.

[7] Deep Down Company, Subsea Accumulator Module, <http://www.deepdowncorp.
com/deepdown/products/sams>.



Subsea Surveying, Positioning,
and Foundation

Contents

4.1.
4.2.

4.3.

Subsea Engineering Handbook
ISBN 978-1-85617-689-7, doi:10.1016/B978-1-85617-689-7.10004-4

Introduction
Subsea Survey
4.2.1. Subsea Survey Requirements
4.2.1.1. Survey Pattern for Selected Subsea Field and Each Pipeline Route
4.2.1.2. Geotechnical Study
4.2.1.3. Survey Vessel
4.2.1.4. Survey Aids
4.2.1.5. Gyrocompass
4.2.1.6. Navigation Computer and Software
4.2.1.7. Personnel
4.2.2. Subsea Survey Equipment Requirements
4.2.2.1. Multibeam Echo Sounder (MBES)
4.2.2.2. Side-Scan Sonar
4.2.3. Sub-Bottom Profilers
4.2.3.1. High-Resolution Sub-Bottom Profiler
4.2.3.2. Low-Resolution Sub-Bottom Profiler
4.2.4. Magnetometer
4.2.5. Core and Bottom Sampler
4.2.6. Positioning Systems
4.2.6.1. Offshore Surface Positioning
4.2.6.2. Underwater Positioning
Subsea Metrology and Positioning
4.3.1. Transducers
4.3.2. Calibration
4.3.3. Water Column Parameter
4.3.3.1. Field Procedure
4.3.3.2. Calibration
4.3.4. Acoustic Long Baseline
4.34.1. Field Procedure
4.3.4.2. MF/UHF LBL Transponder
4.3.5. Acoustic Short Baseline and Ultra-Short Baseline
4.3.5.1. Acoustic Short Baseline
4.3.5.2. Ultra-Short Baseline
4.3.5.3. Description

© 2010 Elsevier Inc.
All rights reserved.

93
93
94
94
94
95
96
96
98
98
98
98
100
100
101
101
102
102
103
103
103
104
104
104
105
105
106
106
106
107

108

108
108

91



92 Y.

Bai and Q. Bai

4.3.5.4. Field Procedure
4.3.5.5. Calibration of the USBL System

4.4. Subsea Soil Investigation

44.1.

44.2.

Offshore Soil Investigation Equipment Requirements
4.4.1.1. Seabed Corer Equipment

4.4.1.2. Piezocone Penetration Test

4.4.1.3. Drilling Rig

4.4.1.4. Downhole Equipment

4.4.1.5. Laboratory Equipment

Subsea Survey Equipment Interfaces

4.4.2.1. Sound Velocity Measurement

4.4.2.2. Sediment Handling and Storage Requirements
4.4.2.3. Onboard Laboratory Test

4.4.2.4. Core Preparation

4.4.2.5. Onshore Laboratory Tests

4.4.2.6. Near-Shore Geotechnical Investigations

4,5, Subsea Foundation

4.5.1.
45.2.
4.5.3.

454,

455,

45.6.

45.7.

4538.

References

Pile- or Skirt-Supported Structures

Seabed-Supported Structures

Pile and Plate Anchor Design and Installation

4.5.3.1. Basic Considerations

Geotechnical Capacity of Suction Piles

4.5.4.1. Basic Considerations

4.54.2. Analysis Method

Geotechnical Capacity of Plate Anchors

4.5.5.1. Basic Considerations

4.5.5.2. Prediction Method for a Drag Embedded Plate Anchor
4.5.5.3. Prediction Method for Direct Embedded Plate Anchor
Structural Design of Suction Piles

4.5.6.1. Basic Considerations

4.5.6.2. Design Conditions

4.5.6.3. Structural Analysis Method

4.5.6.4. Space Frame Model

4.5.6.5. Structural Design Criteria

Installation of Suction Piles, Suction Caissons, and Plate Anchors
4.5.7.1. Suction Piles and Suction Caissons

4.5.7.2. Plate Anchors

4.5.7.3. Test Loading of Anchors

Driven Pile Anchor

4.5.8.1. Basic Considerations

4.5.8.2. Geotechnical and Structural Strength Design

4.5.8.3. Fatigue Design

4.5.84. Test Loading of Driven Pile Anchors

109
110
110
11

11
112
112
112
114
115
115
115
116
116
117
117
118
118
118
118
118
119
119
120
121

121
122
122
123
123
123
125
125
126

128
130
132

133
133
135
136
137



Subsea Surveying, Positioning, and Foundation 93

4.1. INTRODUCTION

The study of the subsea soil, including the subsea survey, positioning, soil
investigation, and foundation, is one of the main activities for the subsea
field development. This chapter provides minimal functional and technical
requirements for the subsea soil issue, but these guidelines can be used as
a general reference to help subsea engineers make decisions.

As part of the planned field development, a detailed geophysical and
geotechnical field development survey and a soil investigation based on the
survey results are to be performed. The purpose of the survey is to identify
potential man-made hazards, natural hazards, and engineering constraints
when selecting a subsea field area and also flowline construction; to assess
the potential impact on biological communities; and to determine the
seabed and sub-bottom conditions.

This chapter briefly explains these topics:

* Establishing vertical route profiles, a contour plan, and the seabed
features, particularly any rock outcrops or reefs;

* Obtaining accurate bathymetry, locating all obstructions, and identi-
fying other seabed factors that can affect the development of the
selected subsea field area including laying, spanning, and stability of
the pipeline;

* Carrying out a geophysical survey of the selected subsea field and route
to define the shallow sub-seabed geology;

* Carrying out geotechnical sampling and laboratory testing in order to
evaluate precisely the nature and mechanical properties of soils at the
selected subsea field area and along the onshore and offshore pipelines
and platform locations;

* Locating existing subsea equipment (examples: manifold, jumper, and
subsea tree), pipelines and cables, both operational and redundant,
within the survey corridors;

* Determining the type of subsea foundation design that is normally used
for subsea field development.

4.2. SUBSEA SURVEY

The subsea survey is described as a technique that uses science to accu-
rately determine the terrestrial or 3D space position of points and the
distances and angles between them in the seabed area for subsea field
development.
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4.2.1. Subsea Survey Requirements

Geophysical and geotechnical surveys are conducted to evaluate seabed and
subsurface conditions in order to identify potential geological constraints for
a particular project.

4.2.1.1. Survey Pattern for Selected Subsea Field and Each
Pipeline Route

The base survey covers the whole subsea field development, which
includes the infield pipelines, mobile offshore drilling unit (MOPU)
footprints, pipeline end manifolds (PLEMs), manifolds, Christmas tree,
umbilicals, etc.

The nominal width of the pipeline route survey corridor is generally
1640ft (500 m) with maximum line spacing of 328ft (100 m). Difterent
scenarios can be proposed provided full route coverage is achieved.

4.2.1.2. Geotechnical Study

A geotechnical study is necessary to establish data that allows an appropriate
trenching design and equipment to be selected. It is also important to
identify any possibility of hard grounds, reefs, shallows, and man-made
debris.

The electromagnetic properties of the soil are also of interest, and the
potential effect that the ferrous content may have on the sacrificial anodes of
certain subsea equipment such as manifolds and PLEMs needs to be assessed.
A grab sample/cone penetration test (CPT) is conducted at locations
determined from review of the geophysical survey. Based on the test, the
characteristics of the seabed soil around the subsea field development area
can be determined. If there is a drastic change in one of the core samples,
additional samples will be taken to determine the changes in condition.
A piezocone penetration test (PCPT) should be obtained at the MODU
and PLEM locations and FSO anchor locations.

Geotechnical gravity core, piston core, or vibracore samples are
obtained 5 to 10 m from the seabed of the subsea equipment locations
such as PLEMs, umbilicals, PLETs, etc. Samples should be suitable for
a laboratory test program geared toward the determination of strength and
index properties of the collected specimens. On board, segments (layers) of
all samples at 1-m intervals will be classified by hand and described.
Samples for density measurements are also taken. At least one sample from
each layer shall be adequately packed and sent to the laboratory for index
testing and/or sieve analysis and unconsolidated, undrained (UU) triaxial
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testing. Cohesion will be measured on clayey parts of the core by torvane
and a pocket penetrometer on board and by unconfined compression tests
in the laboratory. The minimum internal diameter of the samples is
generally 2.75 in. (70 mm).

4.2.1.3. Survey Vessel

The vessel proposed for survey should be compliant with all applicable

codes and standards (see Figure 4-1). The vessel must follow high safety

standards and comply with all national and international regulations, and the
marine support must be compatible for survey and coring operations.
The survey vessels provided are collectively capable of the following:

*  Minimum offshore endurance of 2 to 3 weeks.

* Operating in a maximum sea state of 2.5 to 3.5 m.

* Survey at speed of 3 to 10 knots.

* Supplying the necessary communication and navigation equipment.

e Supplying minimum required survey equipment: multibeam echo
sounder, precision depth sounder, side-scan sonar, sub-bottom profiler,
grab sampler/CPT, piston/vibracore coring equipment, and difterential
GPS (dual system with independent difterential corrections).

*  Supplying lifting equipment capable of safely deploying, recovering, and
handling coring and geophysical equipment.

KOMMANDOR STUART

Figure 4-1 Survey Vessel [1]
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Supplying adequate AC power to operate all geophysical systems
simultaneously without interference.

Accommodating all personnel required to carry out the proposed survey
operations.

Accommodating a minimum of two representative personnel
Providing office space/work area. The area is fitted with a table/desk
large enough to review drawings produced on board and to allow the
installation of notebook computers and printers.

The vessel should have radio, mobile telephone, and fax equipment.
This equipment should be capable of accepting a modem hookup.
The vessel should have a satellite or cellular phone link to report progress
of the work on a daily basis. Communications with this system should
not cause interference with the navigation or geophysical systems.

At the time of mobilization, a safety audit is carried out of the nominated
vessel to ensure compliance with standards typical for the area of
operations, or as agreed. A current load certificate is supplied for all
lifting equipment to be used for the survey operations (i.e., deep tow-
fish, coring). Safety equipment, including hard hats, safety boots, and
safety glasses, should be worn during survey operations.

4.2.1.4. Survey Aids
The survey vessel is normally equipped with an A-frame and heave-

compensated offshore cranes that are capable of operating the required

survey equipment. Winches are used for handling of sampling and testing

equipment in required water depths. The winches have a free-fall option if

required, such as for hammer sampling and chiseling. However, the winch

speed should be fully controllable in order to achieve safe deployment.

Geotechnical sampling and testing equipment are remotely operated. The

tools are guided remotely and in a safe manner off and onto the deck. The

vessels have laboratory facilities and equipment that can perform routine

laboratory work.

A vessel in the soil drilling mode should include the following:
Sampling and testing equipment that is fully remotely operated;
A pipe centralizer in the moon-pool is used;

A pipe stab guide that is used when pipe stringing.

4.2.1.5. Gyrocompass
A gyrocompass is similar to a gyroscope, as shown in Figure 4-2. It is

a compass that finds true north by using an electrically powered, fast-spinning
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Figure 4-2 Cutaway of Anschiitz Gyrocompass [2]

wheel and friction forces in order to exploit the rotation of the Earth.

Gyrocompasses are widely used on vessels. They have two main advantages

over magnetic compasses:

* They find true north, that is, the direction of Earth’s rotational axis, as
opposed to magnetic north.

o They are far less susceptible to external magnetic fields, for example,
those created by ferrous metal in a vessel’s hull.

The gyrocompass can be subject to certain errors. These include
steaming errors, in which rapid changes in course speed and latitude cause
deviations before the gyro can adjust itself [3]. On most modern ships
the GPS or other navigational aid feeds into the gyrocompass allowing a
small computer to apply a correction. Alternatively, a design based on an
orthogonal triad of fiber-optic or ring laser gyroscopes will eliminate these
errors as they depend on no mechanical parts, instead using the principles of
optical path difference to determine rate of rotation [4].
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A dedicated survey gyro is installed on the vessel and interfaced to the
navigation computer. During mobilization, calibration of the gyros is
carried out while the vessel is at the dock.

4.2.1.6. Navigation Computer and Software

The navigation computer and software is capable of:

* Simultaneous acquisition of all navigation and sensor data as interfaced;

* Generation of closures to all geophysical acquisition equipment
recorders simultaneously;

*  Helmsman display showing vessel and fish position, proposed pipeline
route, and intended survey line.

* Producing a header sheet and fix printout containing all relevant survey
constants with bathymetry and position fix information.

4.2.1.7. Personnel

Besides the full complement of vessel operations personnel normally aboard
a survey vessel, additional qualified personnel may be utilized to safely and
efficiently carry out the survey and geotechnical operations. The number of
personnel should be adequate to properly interpret and document all data
for the time period required to complete the survey work, without oper-
ational shutdown due to operator fatigue.

Qualified personnel interpret data during the survey and make route
recommendations or changes based on the information gathered. This
geophysical data interpretation should be performed by a qualified marine
engineering geologist or geophysicist experienced in submarine pipeline
route analysis.

4.2.2. Subsea Survey Equipment Requirements

For the main survey vessel, survey equipment is used to meet this specifi-
cation. Vessels must follow high safety standards and comply with all
national and international regulations, and marine support will be
compatible for survey and coring operations. All survey systems are able to
operate simultaneously with minimal interference.

4.2.2.1. Multibeam Echo Sounder (MBES)

The MBES, or swath echo sounder, is a high-precision method for con-
ducting bathymetric surveys obtained at water depths and seabed gradients
over the corridor along the proposed pipeline routes, as shown in
Figure 4-3. During data acquisition, the data density should be sufficient to



Subsea Surveying, Positioning, and Foundation 929

Figure 4-3 MBES Working Model [5]

ensure that 95% of the processed bins contain a minimum of four valid
depth points.

The following issues are required for subsea survey equipment:

* Equipment specifications;

*  Method of integrating the system with the vessel’s;

* Surface positioning system;

e Method of calibration;

*  Method of postprocessing of data;

*  On- and off-line quality control, with particular reference to overlap
swaths.

The swath bathymetric system provides coherent data across the full
width of the swath. Alternatively, the portion of the swath that does not
provide coherent data should be clearly identified and the data from that
portion are not be used.

A 50% overlap of adjacent swaths is arranged to provide overlap of
acceptable data for verifying accuracy. In areas where swath bathymetry
overlaps occur, the resulting differences between data after tidal reduction
are less than £0.5% of water depth. Line spacing is adjusted according to the
water depth to provide sufficient overlap (50%) between adjacent swaths to
facilitate correlation of the data of the adjacent swaths.

Consideration should be given to installing a tidal gauge(s) or acquiring
actual tidal data from an existing tide gauge in the area. If no nearby
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benchmarks of known height are available for reference, the tide gauge must
be deployed for at least one lunar cycle.

4.2.2.2. Side-Scan Sonar

Side-scan sonar is a category of sonar system that is used to efficiently create
an image of large areas of the seafloor. This tool is used for mapping the
seabed for a wide variety of purposes, including creation of nautical charts
and detection and identification of underwater objects and bathymetric
features. Side-scan sonar imagery is also a commonly used tool to detect
debris and other obstructions on the seafloor that may be hazardous to
shipping or to seafloor installations for subsea field development. In addi-
tion, the status of pipelines and cables on the seafloor can be investigated
using side-scan sonar. Side-scan data are frequently acquired along with
bathymetric soundings and sub-bottom profiler data, thus providing
a glimpse of the shallow structure of the seabed.

A high-precision, dual-frequency side-scan sonar system can obtain
seabed information along the routes for example, anchor/trawl board
scours, large boulders, debris, bottom sediment changes, and any item on
the seabed having a horizontal dimension in excess of 1.64 ft (0.5 m). Side-
scan sonar systems consist of a dual-channel tow-fish capable of operating in
the water depths for the survey and contain a tracking system. The
equipment is use to obtain complete coverage of the specified areas and
operates at scales commensurate with line spacing, optimum resolution, and
100% data overlap.

The height of the tow-fish above the seabed and the speed of the vessel
are adjusted to ensure full coverage of the survey area. The maximum tow-
fish height is 15% of the range setting. Recorder settings are continuously
monitored to ensure optimum data quality. Onboard interpretation of all
contacts identified during the survey is undertaken by a geophysicist suitably
experienced in side-scan sonar interpretation.

4.2.3. Sub-Bottom Profilers

The sub-bottom profilers are tested under tow at each transmitting
frequency available using maximum power and repetition rates for a period
of half an hour.

During mobilization, the outgoing pulse from the transducer /seismic
source is monitored to ensure a sharp, repeatable signature utilizing a suit-
ably calibrated hydrophone. The monitored pulse shall be displayed on
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board on an oscilloscope with storage facility and a copy generated for
approval. The pulse should conform to the manufacturer’s specifications and
a printout of the signature should be included in the final report.

A static or dynamic pulse test may be used to demonstrate a stable and
repeatable seismic source signal producing a far-field signature at a tow
depth of 3.28 ft (1 m):

* Pulse in excess of 1 bar meter peak-to-peak;
* Pulse length not exceeding 3 ms;

* Bandwidth of at least 60 to 750 Hz (—6 dB);
* Primary to secondary bubble ratio > 10:1.

4.2.3.1. High-Resolution Sub-Bottom Profiler

A high-precision sub-bottom profiler system is provided and operated to
obtain high-resolution data in the first 10 m of sediment. The operating
frequency and other parameters are adjusted to optimize data within the first
5 m from the seafloor. Vertical resolution of less than 1 m is required.

A dual-channel “chirp” sub-bottom profiler may be capable of oper-
ating within the 3.5 to 10kHz range with a pulse width selectable between
0.15 and 0.5 m and transmitting power selectable between 2 and 10 kW.
The system is capable of transmitting repetition rates up to 10 Hz. Trans-
mitting frequency, pulse length, power output, receiving frequency, band-
width, and TVG (Time Varying Gain) are adjustable. A heave compensator
is required when using a sub-bottom profiler.

The system may either be collocated with the side-scan sonar system
utilizing the same tracking system or hull mounted/over the side and
reference the ship’s navigation antenna. Onboard interpretation of sub-
bottom profiler records is carried out by a geophysicist suitably experienced
in interpretation of such records.

4.2.3.2. Low-Resolution Sub-Bottom Profiler
The generic term mini air gun covers a range of available hardware that uses
explosive release of high-pressure air to create discrete acoustic pulses within
the water column, of sufficient bandwidth and high-frequency component to
provide medium-resolution data for engineering and geohazard assessment.
The system is capable of delivering a stable, short-duration acoustic
pulse at a cycle repetition rate of 1 sec. The hydrophone comprises a
minimum of 20 elements, linearly separated with an active length not
exceeding 32.8 ft(10 m), with a flat frequency response across the 100 to
2000Hz bandwidth.
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4.2.4. Magnetometer

A magnetometer is a scientific instrument used to measure the strength
and direction of the magnetic field in the vicinity of the instrument.
Magnetism varies from place to place because of differences in Earth’s
magnetic field caused by the differing nature of rocks and the interaction
between charged particles from the sun and the magnetosphere of
a planet.

Magnetometers are used in geophysical surveys to find deposits of iron
because they can measure the magnetic field variations caused by the
deposits. Magnetometers are also used to detect shipwrecks and other
buried or submerged objects.

A towed magnetometer (cesium, overhauser, or technical equivalent)
has a sensor head capable of being towed in a stable position above the
seabed. The sensor head comprises a three-component marine gradio-
meter platform synchronized to within less than 0.1 m and able to measure
3D gradient vectors. The tow position should be far enough behind the
vessel to minimize magnetic interference from the vessel.

In normal operation, the sensor is towed above the seabed at a height not
exceeding 5 m. In the case of any significant contacts, further profiles across
such contacts may be required. In these circumstances, the magnetometer
should be drifted slowly across the contact position to permit maximum
definition of the anomaly’s shape and amplitude.

The magnetometer has field strength coverage on the order of 24,000 to
72,000 gammas with a sensitivity of 0.01 nanotesla and is capable of
a sampling rate of 0.1 sec. The equipment incorporates depth and motion
sensors and operates in conjunction with a tow-fish tracking system.
Onboard interpretation of all contacts made during the course of the survey
should be carried out by a geophysicist suitably experienced in magne-
tometer interpretation.

4.2.5. Core and Bottom Sampler

The gravity corer, piston corer, or vibracore can be deployed over the side
or through the A-frame of a vessel or operated from a crane configured with
a 70 mm-ID core barrel and clear plastic liners. The barrel length has 5 to
10 m barrel options.

The grab sampler can be of the Ponar or Van Veen type, which can be
handled manually. Both systems are capable of operating in a water depth
135% deeper than the maximum anticipated water depth. At all core
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locations, up to three attempts are made to acquire samples to the target
depth of 5 to 10 m. After three unsuccesstul attempts, the site is abandoned.

4.2.6. Positioning Systems

4.2.6.1. Offshore Surface Positioning

A differential global positioning system (DGPS) is utilized for surface
positioning. A DGPS is capable of operating continually on a 24-hour basis.
Differential corrections are supplied by communications satellites and
terrestrial radio links. In either case, multiple reference stations are required.
A dual-frequency DGPS is required to avoid problems associated with
ionospheric activity.

A secondary system operates continuously with comparison between
the two systems recorded along with the bathymetry data (geophysical vessel
only). The two systems utilize separate correction stations, receivers, and
processors. The system is capable of a positioning accuracy of less than £3.0 m
with an update rate of better than 5 sec.

During geophysical operations, the receiver can display quality control
(QC) parameters to the operator via an integral display or remote monitor.
The QC parameters to be displayed include the following items:

* Fix solution;

* Pseudo-range residuals;

* Error ellipse;

e Azimuth, altitude of satellite vehicles (SVs) tracked,;

* Dilution of position (DOP) error figures for fix solution;
* Identity of SVs and constellation diagram;

» Differential correction stations, position comparisons.

A transit fix at a platform, dock, or trestle near the survey area is carried
out to ensure the DGPS is set up and operating correctly. The transit fix is
carried out in both clockwise and counterclockwise directions.

4.2.6.2. Underwater Positioning

An ultra-short baseline (USBL) tracking system is provided on board
the offshore survey vessel for tracking the positions and deployments of
the towed, remote/autonomous vehicles or the position determination of
geotechnical sampling locations.

The positioning systems interface with the online navigation
computer. All position tracking systems provide 100% redundancy
(a ship-fit USBL may be backed up by a suitably high-precision portable
system), encompassing a fully backed up autonomous system. In addition,
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a complete set of the manufacturer’s spares are kept for each piece of
positioning instrumentation such that continuous operations may be
guaranteed.

The system, including the motion compensator, is installed close to the
center of rotation of the vessel. It incorporates both fixed and tracking head
transducers to allow the selection of the most optimum mode of perfor-
mance for the known range of water depths and tow/offset positions.

The hull-mounted transducer is located so as to minimize disturbances
from thrusters, machinery noise, air bubbles in the transmission channel,
and other acoustic transmissions. In addition, the transponder/responder
mounted on the ROV or AUV will require suitable positioning and insu-
lation to reduce the eftects of ambient noise.

A sufficient number of transponders/responders, with difterent codes
and frequencies, are used to allow the survey operation to be conducted
without mutual interference. The system should perform to an accuracy of
better than 1% of slant range.

4.3. SUBSEA METROLOGY AND POSITIONING

Metrology is defined by the International Bureau of Weights and Measures
(IBWM) as “the science of measurement, embracing both experimental and
theoretical determinations at any level of uncertainty in any field of science
and technology” [6]. This section describes the subsea positioning systems,
which are integrated with the main survey computer in order to provide
accurate and reliable absolute positioning of the surface and subsurface
equipment.

4.3.1. Transducers

A transducer is a device for transforming one type of wave, motion, signal,
excitation, or oscillation into another. Transducers are installed on board the
vessels accordingly. A plan is created for the locations of all acoustic trans-
ducers and their coordinates that refers to a fixed reference point. A high-
quality motion sensor (motion reference unit) is used to compensate for
transducer movement.

4.3.2. Calibration

Calibration is the process of comparing a measuring instrument with
a measurement standard to establish the relationship between the values
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indicated by the instrument and those of the standard. Calibration of the
positioning systems, including all spare equipment, is carried out to ensure
that each piece of individual equipment is working properly. Field cali-
bration is performed during both prefield and postfield work. Depending
on the length of the field work, additional field calibrations may be required
during the course of the work. The following general procedures and
requirements are adopted during the calibration process:

*  No uncalibrated equipment, including cables and printed circuit boards,
1s used during any part of the position fixing.

* Each calibration setup should last for at least 20 min and the resulting
data is logged for processing and reporting.

* The results of the calibrations, including relevant information on
equipment settings, are presented for review and acceptance. The report
includes measured minimum, maximum, mean, and standard deviations
for each measurement and recommendations for operating figures. Any
odd figures, anomalies, or apparent erroneous measurements are high-
lighted and explained in the report. If, after further examination of
results, doubt still exists as to the integrity of any equipment, the faulty
equipment is replaced with similarly calibrated equipment prior to the
start of the survey.

* In the event that positioning equipment must be repaired or circuit
boards changed, and if such actions alter the position information,
recalibration is performed.

4.3.3. Water Column Parameter

A water column is a conceptual column of water from surface to bottom
sediments. The application of the correct speed of sound through seawater is
critical to the accuracy of the acoustic positioning. Sound velocity is
a function of temperature, salinity, and density. All three properties change
randomly and periodically; therefore, regular measurements for velocity
changes are required.

A salinity, temperature, and depth profiler is used to determine the
propagation velocity of sound through seawater. The computed sound
velocity value or profile is then entered into the appropriate acoustic system.
All procedures need to be properly followed and the results applied correctly.

4.3.3.1. Field Procedure
A velocity value or profile is obtained at the beginning of the survey and
thereafter. Observations are made at suitable depth or intervals during
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descent and ascent through the water column. The velocity profile is
determined with the value at common depth agreed to within £3 m/sec;
otherwise, the observation has to be repeated. The sound velocity at
the sea bottom level is determined within +1.5 m/sec. Having ob-
served and recorded these values, a computation of the speed of sound is
made.

4.3.3.2. Calibration

The temperature/salinity/depth probe has a calibration certificate verifying
that it has been checked against an industrial standard thermometer in
addition to testing against a calibrated saline solution. A strain gauge pressure
sensor certificate is supplied.

4.3.4. Acoustic Long Baseline

Acoustic long baseline (LBL), also called range/range acoustic, navigation
provides accurate position fixing over a wide area by ranging from a vessel,
towed sensor, or mobile target to three or more transponders deployed at
known positions on the seabed or on a structure. The line joining a pair of
transponders is called a baseline. Baseline length varies with the water
depth, seabed topography, and acoustic frequency band being used, from
more than 5000 m to less than 100 m. The LBL method provides accurate
local control and high position repeatability, independent of water depth.
With the range redundancy that results from three or more range
measurements, it is also possible to make an estimation of the accuracy of
each position fix. These factors are the principal reasons for a major
increase in the utilization of this method, particularly for installation
position monitoring.

LBL calibration and performance can be improved significantly by using
“intelligent” transponders. These devices calibrate arrays by making direct
measurements of the baselines and acoustically telemetering the data to the
surface equipment for computation and display. They also reduce errors
inherent in the conventional LBL due to ray-bending effects, as measure-
ments are made close to the seabed where propagation changes are generally
slight. In addition, they can be supplied with environmental sensors to
monitor the propagation conditions.

4.3.4.1. Field Procedure
The system is operated by personnel who have documented experience with
LBL operations, to the highest professional standards and manufacturers’
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recommendations. Local seabed acoustic arrays consist of networks with
at least six LBL transponders. Ultra-high-frequency (UHF) arrays are used
for the installations with the highest requirements for accurate installations.
The system includes:

* A programmable acoustic navigator (PAN) unit for interrogation of LBL;
* Transponders;

e A transducer for vessel installation;

* All necessary cables and spare parts.

All equipment is interfaced to the online computer. The online
computer system is able to handle the LBL readings without degrading
other computation tasks. The software routines allow for the efficient and
accurate use of all LBL observations and in particular deal with the problems
encountered in surveying with a LBL system. The vessel’s LBL transducer is
rigidly mounted. The operating frequency for the required medium-
frequency (MF) system is typically 19 to 36 kHz. The operating frequency
for the required UHF system is typically 50 to 110 kHz. A minimum of five
lines of position for each fix are available at all times.

4.3.4.2. MF/UHF LBL Transponder

The latest generation LBL transponder has the following minimum
requirements (data presented as MF/UHF):

* Transducer beam shape: hemispherical/hemispherical;

» Frequency range: 19 to 36 kHz/50 to 110 kHz;

* Acoustic sensitivity: 90 dB re 1 tPa/90 to 125 dB;

* Acoustic output: 192 dB re 1 pPa at 1 m/190 dB;

* Pulse Length: 4 ms/1 ms;

* Timing resolution: 1.6 Usec/8.14 [sec;

*  Depth rating: according to project requirements.

At least two of the transponders in each array include depth, tempera-
ture, and conductivity options. The MF transponder includes anchor
weights (minimum of 80 kg) attached to the release mechanism on the base
of the unit by a strop (preferably nylon to avoid corrosion) 1.5 to 2 m in
length. A synthetic foam collar is used for buoyancy.

The UHF array setup includes frames with transponders rigidly installed
in, for example, baskets 2.0 to 2.5 m above the seabed. The deployment is
performed following a special procedure in accordance with the sea bottom
depth. The setup is visually inspected by an ROV after installation.
Concrete reference blocks or other transponder stands for MF arrays may
be required.
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4.3.5. Acoustic Short Baseline and Ultra-Short Baseline
4.3.5.1. Acoustic Short Baseline

A short baseline (SBL) acoustic positioning system [7] is one of the three
broad classes of underwater acoustic positioning systems that are used to
track underwater vehicles and divers. The other two classes are USBL and
LBL systems. Like USBL systems, SBL systems do not require any seafloor-
mounted transponders or equipment and are thus suitable for tracking
underwater targets from boats or ships that are either anchored or under
way. However, unlike USBL systems, which offer a fixed accuracy, SBL
positioning accuracy improves with transducer spacing [8]. Thus, where
space permits, such as when operating from larger vessels or a dock, the SBL
system can achieve a precision and position robustness that is similar to that
of seafloor-mounted LBL systems, making the system suitable for high-
accuracy survey work. When operating from a smaller vessel where trans-
ducer spacing is limited (i.e., when the baseline is short), the SBL system
will exhibit reduced precision.

4.3.5.2. Ultra-Short Baseline

A complete USBL system consists of a transceiver, which is mounted on a
pole under a ship, and a transponder/responder on the seafloor or on a
tow-fish or ROV. A computer, or “topside unit,” is used to calculate
a position from the ranges and bearings measured by the transceiver.

An acoustic pulse is transmitted by the transceiver and detected by the
subsea transponder, which replies with its own acoustic pulse. This return
pulse is detected by the shipboard transceiver. The time from the trans-
mission of the initial acoustic pulse until the reply is detected is measured by
the USBL system and converted into a range.

To calculate a subsea position, the USBL calculates both a range and an
angle from the transceiver to the subsea beacon. Angles are measured by the
transceiver, which contains an array of transducers. The transceiver head
normally contains three or more transducers separated by a baseline of
10 cm or less. A method called phase differencing within this transducer array
is used to calculate the angle to the subsea transponder.

4.3.5.3. Description

SBL systems conventionally replace the large baselines formed between
transponders deployed on the seabed with baselines formed between
reference points on the hull of a surface vessel. The three or four reference
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points are marked by hydrophones, which are typically separated by
distances of 10 to 50 m and connected to a central control unit.

Seabed locations or mobile targets are marked by acoustic beacons
whose transmissions are received by the SBL hydrophones. It is more
convenient than the LBL method because multiple transponder arrays and
their calibration are not required; however, position accuracy is lower than
the LBL method and decreases in deeper water or as the horizontal offset to
a beacon increases. Additional factors such as vessel heading errors and roll
and pitch errors are significant in the accuracy measurements.

In the USBL, the multiple separate SBL hull hydrophones are
replaced by a single complex hydrophone that uses phase comparison
techniques to measure the angle of arrival of an acoustic signal in both
the horizontal and vertical planes. Thus, a single beacon may be fixed by
measuring its range and bearing relative to the vessel. Although more
convenient to install, the USBL transducer requires careful adjustment
and calibration.

4.3.5.4. Field Procedure

A USBL system, with tracking and the latest generation fixed narrow

transducer, can be used. A high-precision acoustic positioning (HIPAP) or

similar system can also be used. This subsurface positioning system is
integrated with the online computer system to provide an accurate and
reliable absolute position for the transponders and responders.

All necessary equipment is supplied so that a fully operational USBL
system can be interfaced to an online computer for integration with the
surface positioning systems. It must also meet the operational requirements
set forth in this section. The installation of equipment should comply with
manufacturers’ requirements, and special attention should be given to the
following requirements:

* A system check is performed within the last 12 months prior to field-
work. Documentation must be submitted for review.

* The installation and calibration of the acoustic positioning system should
provide accuracy better than 1% of the slant range.

* The hull-mounted USBL transducer should be located so as to minimize
disturbances from thrusters and machinery noise and/or air bubbles in
the transmission channel or other acoustic transmitters.

* The USBL equipment is supplied with its own computer and display
unit, capable of operating as a stand-alone system.
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* The vertical reference unit (VRU) is fabricated based on recommen-
dations by the USBL manufacturer and installed as recommended.

* The system is capable of positioning at least nine transponders and/or
responders.

4.3.5.5. Calibration of the USBL System

Calibration and testing of the USBL and VRU should be performed
according to the latest revision of the manufacturers’ procedures. If any
main component in the USBL system has to be replaced, a complete
installation survey/calibration of the system must be performed.

In the USBL, the multiple separate SBL hull hydrophones are replaced
by a single complex hydrophone that uses phase comparison techniques to
measure the angle of arrival of an acoustic signal in both the horizontal and
vertical planes. Thus, a single beacon may be fixed by measuring its range
and bearing relative to the vessel.

Although more convenient to install, the USBL transducer requires
careful adjustment and calibration. A compass reference is required and the
bearing measurements must be compensated for the roll and pitch of the
vessel. Unlike the LBL method, there is no redundant information from
which to estimate position accuracy.

4.4. SUBSEA SOIL INVESTIGATION

Subsea soil investigations are performed by geotechnical engineers or
engineering geologists to obtain information on the physical properties of
soil and rock around the subsea field development for use in the design of
subsea foundations for the proposed subsea structures. A soil investigation
normally includes surface exploration and subsurface exploration of the
field development. Sometimes, geophysical methods are used to obtain data
about the field development. Subsurface exploration usually involves soil
sampling and laboratory tests of the soil samples retrieved. Surface explo-
ration can include geological mapping, geophysical methods, and photo-
grammetry, or it can be as simple as a professional diver diving around to
observe the physical conditions at the site.

To obtain information about the soil conditions below the surface, some
form of subsurface exploration is required. Methods of observing the soils
below the surface, obtaining samples, and determining physical properties of
the soils and rocks include test pits, trenching (particularly for locating faults
and slide planes), boring, and in situ tests.
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4.4.1. Offshore Soil Investigation Equipment Requirements

The general requirements for soil investigations are as follows:

* Drill, sample, and downhole test to a minimum of 120 m below seabed.

* Carry out relevant seabed in sifu testing, for example, a cone penetration
test (CPT) to a maximum of 10 m depending on soil conditions.

* The actual sampling and subsequent handling are carried out with
minimum disturbance to the sediments. The choice of sampler and
sampling tubes reflects the actual sediment conditions and the require-
ments for the use of the sediment data. Therefore, different types of
equipment are required.

* All equipment capable of electronic transmissions is designed to sustain
the water pressure expected in the field.

* Records of experience with the use of the equipment and routines and
procedures for interpretation of measurements for assessment of sedi-
ment parameters are documented and made available.

A detailed description of the sampling is provided as is testing equipment,

which includes the following:

* Geometry and weight in air and water of all sampling and testing
equipment;

* Handling of the seabed equipment over the side, over the stern, or
through the moon-pool as applicable;

* Required crane and/or A-frame lifting force and arm length;

* Any limitations as to crane and A-frame capacity, water depth, sediment
type, penetration depth, etc.;

* Zeroing of the PCPT before deployment;

* During testing, recording of the zero readings of all sensors before and
after each test.

Calibration certificates for all cones are presented on commencement of
operations. Sufficient spare calibrated cone tips should be provided to ensure
work can be completed.

4.4.1.1. Seabed Corer Equipment

The coring equipment used should be of well-proven types and have
a documented history of satisfactory operation for similar types of
work. The seabed corers have a nonreturn valve at the top of the tube to
avoid water ingress and sample washing out when pulling the sampler
back to the surface. Both penetration and recovery are measured and
recorded.
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The main operational requirements for the corers are as follows:

* The corer is capable of operating at seabed.

e The corer is monitored continuously in the water column using
a transponder.

4.4.1.2. Piezocone Penetration Test

The main operational requirements for the PCPT are as follows:

*  PCP equipment is capable of operating at seabed.

* All cones are of the electric type, and cone end point resistance, sleeve
friction, and pore water pressure are continuously recorded with depth
during penetration.

* The PCP rig is monitored continuously in the water column using
a transponder.

» Typical penetration below the seabed is up to 5 m pending soil conditions.

* During PCPT operations, prior to the start of the penetration of the
push rods into the soil, the following data are recorded: water head, the
resistance at the penetrating probe, the lateral friction, and the pore
pressure starting from an elevation of 1 m above the seabed.

* The penetrometer is positioned in such a way as to provide the perfect
verticality of push roads.

A typical scheme for a PCPT is shown in Figure 4-4.

4.4.1.3. Drilling Rig
Figure 4-5 illustrates a typical jack-up drilling rig. The drilling rig should be
provided with all drill string components: the drill pipe, drill bits, insert bits,
subs, crossovers, etc. The capability for the drill string on the drilling rig to be
heave compensated such that the drill bit has a minimum of movement while
drilling and performing downhole sampling and testing is very important.
Borings are drilled, using rotary techniques with a prepared drilling
mud, from the seabed to the target depth. The objective of the borings is to
obtain high-quality samples and perform in sifu testing.

4.4.1.4. Downhole Equipment

Equipment for performing sampling and testing in downhole operation
mode through a drill string is relevant to the investigation:

« PCPT;

* Push sampling;

* Piston sampling;

*  Hammer sampling.
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Figure 4-4 Piezocone Penetration [9]

An ample number of cones and sample tubes should be available. Push
sampling is performed with thin-wall or thick-wall sample tubes, depending
on the soil conditions. The main operational requirement for downhole
equipment is that the equipment be used in the maximum relevant water

and drilling depths.
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Figure 4-5 Jack-Up Drilling Rig

4.4.1.5. Laboratory Equipment

The vessel is provided with either a room or a container to act as an
offshore soil testing laboratory with sufticient equipment and personnel for
24 hour per day operation. All necessary supplies and equipment for
cutting liners and sealing and waxing samples, including transportation
boxes for shipping of samples to the onshore laboratory, have to be
carefully provided for.

The offshore laboratory varies depending on the nature of the project.
Equipment is required for performing the following types of standard
laboratory tests:

* Extrusion of samples;

*  Description of samples;

* Bulk density;

* Specific gravity;

¢ Water content;

» Shear strength of cohesive sediment.
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4.4.2. Subsea Survey Equipment Interfaces

4.4.2.1. Sound Velocity Measurement

Velocity profiles are recorded whenever necessary to ensure that the correct
speed of sound in seawater is utilized for the calibrations of the geophysical
and bathymetric instruments. The velocity of sound in seawater can be
calculated with a recognized formula.

All equipment is operated in accordance with manufacturers’ published
instructions and conforms to manufacturers’ specifications. The velocity
probe and winch system are capable of operating efficiently in survey water
depths. Data are to be recorded on the descent to the seabed and recovery to
the surface.

The instrumentation is calibrated to the standards set by the National
Bureau of Standards within the 12 months prior to the mobilization date.
Calibration certificates should be included with the survey procedures.

4.4.2.2. Sediment Handling and Storage Requirements

Sediment samples are carefully marked, handled, and transported. Samples
from the corer are cut in 1-m sections. The core samples are then stored in
a cool place, but not frozen where shaking and shock are limited to
a minimum. The sealed cylinders or waxed samples are clearly labeled with:
* Top (nearest seabed);

¢ Bottom;

* A “Top Up” indicator (arrow pointing upward);

* Core location, attempt number, date, and company project number;

* Section number and depths at top/bottom;

* Length of core in meters.

An identification label is placed inside the top cap.

The sealed and marked sample cylinders and waxed samples are placed in
boxes suitable for transportation. If possible, the core barrels should be
stored vertically. Rooms adjacent to heavy engines or generators, which
generate excessive vibrations, are avoided.

The boxes with sealed sediment material are transported to the onshore
laboratory with caution and handled with care. Special precautions are made
to prevent shock and impact loads to the sediment material during handling
of the boxes.

The sediment must not be exposed to temperatures below 0°C.
Whether samples are air freighted or trucked to the onshore laboratory must
be decided in each case.
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Each cylinder and waxed sample is registered and stored for convenient
retrieval.
On completion of the fieldwork, a sample log for each sample is
prepared. The sample log includes the following information:
* Project number;
e Site area;
¢ Borehole or core number;
* Sample number;
*  Water depth;
* Date of sampling;
*  Type of sampler;
* Diameter of sampling tube;
* Length of core material;
* Length of sediment penetration;
¢ Core catcher material;
Whether core material is extruded on board or sealed in a tube or liner;
A short description of sediment type should be prepared based on
contents in the core catcher and in each end of the liners.

4.4.2.3. Onboard Laboratory Test

The cores are cut into sections no more than 1 m in length. Disturbance of
the cores is avoided during cutting and at other times. The following tests
are conducted at each end of the 1-m samples:

* Pocket penetrometer;

e Torvane;

* Motorized miniature vane.

Sediment samples obtained by the Ponar/Van Veen grab sampler are
described, bagged, and sealed for transportation with the cores. A motor-
ized miniature vane measurement is conducted within the box core sample
near the center of the core where the soils are undisturbed.

4.4.2.4. Core Preparation

Prior to sealing, a visual classification of the sediment types is performed.
Pocket penetrometer and shear vane tests are undertaken at the top and
bottom of each core section. All cores are then labeled and sample tubes are
cut to minimize air space, sealed to prevent moisture loss, and then stored
vertically. Minimum labeling includes this information:

* Company;

* Project name;
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* Core location reference number;

e Date;

*  Water depth;

* Clear indications of the top and bottom of the core (e.g., use different
color caps or mark the cores “Top” and “Bottom”);

* An “UP” mark indicate proper storage orientation.

4.4.2.5. Onshore Laboratory Tests
The following tests, as applicable depending on soil types and locations, are
carried out in a geotechnical laboratory on core samples sealed and undis-
turbed in the field as soon as possible after recovering the samples:
* Sample description;
+ Sieve analysis;
¢ UU (Un-consolidated, undrained) and triaxial (cohesive soil);
* Miniature vane (cohesive soils);
* Classification tests (Atterberg limits, water content, submerged unit
weight);
* Carbonate content;
¢ Ferrous content;
¢ Thermal properties;
* Organic matter content;
* Hydrometer.
The onshore laboratory program is approved prior to commencement of
testing.

4.4.2.6. Near-Shore Geotechnical Investigations
To carry out geotechnical investigations in near-shore areas, a self-elevating
jack-up is fully utilized or, as an alternative, an anchored barge for drilling
operations in up to 20 m of water depth (WD) and as shallow as 2 m of WD.
The general requirements for certification, integrity, and safe/efticient
working described in preceding sections are applied. In addition, the
acceptable sanitary conditions and messing conditions are guaranteed which
can reduce the impaction of environment in near-shore areas.
For support of the geotechnical drilling unit, any small boat operations
should comply with the following guidelines:
*  Small boats will be equipped with spare fuel, basic tool kit, essential
engine spares, radar reflector, portable radio, mobile telephone, potable
water, first aid kit, and distress signals/flares (secure in a water proof

container).
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*  Small boats will only be driven by members of the crew or other
personnel who have undergone a specialized small boat handling course.

4.5. SUBSEA FOUNDATION

A foundation is a structure that transfers loads to the earth. Foundations
are generally broken into two categories: shallow foundations and deep
foundations. A subsea production structure may be supported by piles, by
nudmats with skirt or directly by the seabed. It could also be supported
by a combination of these three structures. Table 4-1 shows the typical
foundation selection matrix.

4.5.1. Pile- or Skirt-Supported Structures

The foundation piles of a pile-supported structure should be designed for
compression, tension, lateral loads, and also shear stress as applicable.

The structure is properly connected to the pile/skirt (see Figure 4-6).
This can be accomplished with a mechanical device or by grouting the
annulus between the pile and sleeve.

4.5.2. Seabed-Supported Structures

The foundation of a seabed-supported structure is designed to have suffi-
cient vertical and horizontal bearing capacity for the loads in question.
Depending on seabed conditions, high contact stresses may develop.
This should be considered in the design. Underbase grouting may have to be
used to achieve the required stability and load distribution on the seabed.

4.5.3. Pile and Plate Anchor Design and Installation

4.5.3.1. Basic Considerations

The technology for the evaluation of the geotechnical capacity of a suction
pile and plate anchor is still under development; therefore, specific and

Table 4-1 Foundation Selection Matrix
Type of Installation Vessel for Different Foundations

Geography\Vessel Drilling Rig Pipe Lay Barge/Construction Vessel
Soil Hard — Mudmat
Conditions  Medium  Suction pile Mudmat or suction pile

Soft Suction pile Suction pile
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Figure 4-6 Suction Pile [10]

detailed recommendations cannot be given at this point. Instead, general
statements are used to indicate that consideration should be given to some
particular points and references are given. Designers are encouraged to
utilize all research advances available to them. It is hoped that more specific
recommendations can be issued after completion of the research in this
area.

4.5.4. Geotechnical Capacity of Suction Piles
4.5.4.1. Basic Considerations
Suction pile anchors resist vertical uplift loads by various mechanisms
depending on the load type:
* Storm loading:
e External skin friction;
*  Reverse end bearing (REB) at the tip of the piles;
*  Submerged weight of the anchor.
* Long-term loop current loading:
* External skin friction appropriately reduced for creep and cyclic
effects due to long-term duration of the event;
*  Reduced value of reverse end bearing;
*  Submerged weight of the anchor.
* Pretension loading:
e External skin friction;
*  Smaller of internal skin friction or soil plug weight;
*  Submerged weight of anchor.
* Suction piles resist horizontal loads by the following mechanisms:
* Passive and active resistance of the soil;
*  External skin friction on the pile wall sides (as appropriate);
* Pile tip shear.
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The geotechnical load capacity of the anchor should be based on the
lower bound soil strength properties. This is derived from the site-specific
soil investigation and interpretation. Anchor adequacy with respect to
installation should be based on the upper bound soil strength properties.

Because this geometry may change the relationship between the hori-
zontal and vertical anchor loads, the impact of the mooring line geometry in
the soil on the anchor loads should be considered. For example, the inverse
catenary of the mooring line in the soil may make the mooring line angle
steeper at the anchor. This steeper angle could result in a reduced horizontal
anchor load, but an increased vertical anchor load. Both an upper and lower
bound inverse catenary should be checked to ensure that the worst case
anchor loading is established.

Axial safety factors take into consideration the fact that piles are
primarily loaded in tension and are therefore higher than for piles loaded in
compression. As with other piled foundation systems, the calculated ulti-
mate axial soil resistance should be reduced if soil setup, which is a function
of time after pile installation, will not be complete before significant loads
are imposed on the anchor pile.

Because the lateral failure mode for piles is considered to be less cata-
strophic than vertical failure, lower factors of safety have been recom-
mended for lateral pile capacity. Use of different safety factors for vertical
and lateral pile capacities may be straightforward for simple beam-column
analysis of, for example, mobile moorings, but more complex methodol-
ogies do not differentiate between vertical and lateral pile resistance. The
following formula is proposed to provide a combined factor of safety for the
latter situation:

FOScombined = \/(Foslateral Ccos 0>2 + (FOSaxial sin 0)2 (4"1)

where
FOS ombined: combined factor of safety (FOS);
FOSyterar: lateral FOS;

FOS, .1: axial FOS;
0: angle of mooring line from horizontal at pile attachment point.

4.5.4.2. Analysis Method

It is recommended that suction pile design for permanent moorings use
advanced analysis techniques such as limit equilibrium analysis or finite
element analysis of the pile and adjacent soil. For example, the resultant
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capacity may be calculated with limit equilibrium methods, where the
circular area is transformed into a rectangle of the same area and width equal
to the diameter, and with 3D effects accounted for by side shear factors.

For mobile moorings, simpler beam column analysis using load transfer
displacement curves (i.e., P-y, Tz, Q-z) described in API RP 2A [11] are
considered adequate if suitably modified.

In areas where tropical cyclonic storms may exceed the capacity of the
mobile mooring or anchoring system, such as the Gulf of Mexico, the
design of suction piles should consider an anchor failure mode that reduces
the chance of anchor pullout. For example, the mooring line anchor point
can be located on the suction anchor such that the anchor does not tilt
during soil failure, but “plows” horizontally in a vertical orientation.

4.5.5. Geotechnical Capacity of Plate Anchors
4.5.5.1. Basic Considerations
The ultimate holding capacity is usually defined as the ultimate pull-out
capacity (UPC), which is the load for the soil around the anchor reaching
failure mode for plate anchors. For anchors that dive with horizontal
movement, the ultimate holding capacity is reached when excessive lateral
drag distance has occurred. At UPC, the plate anchor starts moving through
the soil in the general direction of the applied anchor load with no further
increase in resistance or the resistance starts to decline. The ultimate pull-
out capacity of a plate anchor is a function of the soil’s undrained shear
strength at the anchor fluke, the projected area of the fluke, the fluke shape,
the bearing capacity factor, and the depth of penetration. The disturbance
of the soil due to the soil failure mode should be considered when analyzing
the plate anchor’s ultimate pull-out capacity. This mode is generally
accounted for in the form of a disturbance factor or capacity reduction
factor. The bearing capacity factor and disturbance factor should be based
on reliable test data, studies, and references for such anchors. The plate
anchor’s penetration is usually in a range of two to five times the fluke
width, depending on the undrained shear strength of the soil, in order to
generate a deep failure mode. If the final depth does not generate a deep
failure mode, a suitable reduction in bearing capacity factor should be used.
Plate anchors get their high holding capacity from being embedded into
competent soil. Therefore, it is important for the anchor’s penetration depth
to be established during the installation process. Furthermore, a plate anchor
gets its high ultimate pull-out capacity by having its fluke oriented nearly
perpendicular to the applied load. To ensure that the fluke will rotate to
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achieve a maximum projected bearing area, the plate anchor design and

installation procedure should:

* Facilitate rotation of the fluke when loaded by environmental loads or
during installation or both;

* Ensure that no significant or unpredicted penetration is lost during
anchor rotation, which may move the fluke into weaker soil;

* Have the structural integrity to allow such fluke rotation to take place
during installation and keying operations or while subject to the ultimate
pull-out capacity load. Depending on the type of plate anchor and its
installation orientation, this item may also apply to fluke rotation about
both horizontal and vertical axes.

As appropriate, the anchor capacities should be reduced to account for
anchor creep under long-term static loading and cyclic degradation.

4.5.5.2. Prediction Method for a Drag Embedded Plate Anchor

Three aspects of drag embedded plate anchor performance require
prediction methods:

e Anchor line mechanics;

* Installation performance;

* Holding capacity performance.

All three mechanisms are closely linked and influence one another, as
explained next.

4.5.5.3. Prediction Method for Direct Embedded Plate Anchor

Anchor capacity determination for direct embedded plate anchors is identical

to that shown for drag embedded anchors with the following exceptions:

* Final penetration depth is accurately known.

* Nominal penetration loss during keying should be included (usually
taken as 0.25 to 1.0 times the fluke’s vertical dimension, or B in Figure
4-7, depending on the shank and keying flap configuration).

* Calculation of the effective fluke area should use an appropriate shape
factor and projected area of the fluke with a keying flap in its set position.
Safety factors for drag embedded plate anchors are higher because

overloading of the anchor normally results in the anchor pulling out,
whereas a drag anchor may drag horizontally or dig in deeper, developing
constant or higher holding capacity under a similar situation. For plate
anchors that exhibit overloading behaviors similar to those of drag anchors,
consideration may be given to using drag anchor safety factors, assuming the
behavior can be verified by significant field tests and experience.
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Figure 4-7 Special Consideration of Safety Factors for Drag Embedded Plate Anchors

4.5.6. Structural Design of Suction Piles

4.5.6.1. Basic Considerations

The purpose of this section is to provide guidance and criteria for the
structural design of suction piles. Some of the guidance and criteria are also
applicable to driven piles.

4.5.6.2. Design Conditions

The suction pile structure should be designed to withstand the maximum
loads applied by the mooring line, the maximum negative pressure required
for anchor embedment, the maximum internal pressure required for anchor
extraction, and the maximum loads imposed on the anchor during lifting,
handling, launching, lowering, and recovery. The fatigue lives of critical
components and highly stressed areas of the anchor should be determined
and checked against the required minimum fatigue life.

Mooring Loads on Global Anchor Structure

The load case that provides the maximum horizontal and vertical loads at
the mooring padeye should be used for the global structural design of the
anchor. The soil reactions generated by the geotechnical analysis will be
used in these calculations. Sensitivity checks should be performed to ensure
that a load case with less than the maximum load, but applied at a more
onerous angle at the padeye, does not control the design.
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Mooring Loads on Anchor Attachment

The mooring line attachment padeye or lug is a critical structural
component. To meet fatigue resistance criteria, the padeye is often an
integral cast lug and base structure. This avoids the use of heavy weldments,
which can result in a lower fatigue life. The attachment padeye should be
designed to satisfy both strength and fatigue requirements. The padeye
should be designed for the controlling design load with an appropriate
factor of safety. Designing the padeye for a maximum load equal to a factor
times the break strength of the mooring line may lead to a significantly
overdesigned padeye, which may not integrate well with the anchor shell
and backup structures.

The mooring line padeye should be designed for the controlling load
case, and sensitivity checks should be performed to ensure that a load case
with less than the maximum load but applied at a more onerous angle does
not control the design. The orientation of the applied load at the padeye
will be affected by the inverse catenary of the mooring line, vertical
misalignment due to anchor tilt, and rotational misalighment due to
deviation from the target orientation. These factors should be properly
accounted for.

Embedment Loads

For anchor embedment, the estimated upper bound suction pressure
required to embed the anchor to its design penetration should be used for
the design of the anchor wall and anchor cap structure. However, the
maximum suction pressure used should not be higher than the suction at
which internal plug uplift occurs.

Extraction Loads

With respect to anchor extraction, two conditions require evaluation:

»  Temporary condition: Extraction of a suction pile may be required for
permanent moorings. For example, after all suction piles have been
preinstalled along with the mooring lines, one of the mooring lines is
accidentally dropped to the seabed and damaged during the hookup
operation with the vessel. At this time, a decision to extract the suction
pile and recover the mooring leg may be made. Typically, such situa-
tions may occur 30 to 60 days after the first suction pile has been
installed. For mobile moorings, the suction piles are often extracted at
the end of the current drilling or testing operation and reused in other
locations.
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*  Terminal condition: The suction piles for a permanent mooring may be
extracted at the end of their service life. The estimated maximum
internal pressure required to extract the anchor for these two situations
should be used for the design of the anchor wall and anchor cap
structure. However, the maximum extraction pressure used should not
be higher than the pressure causing overload of soil-bearing capacity at
the anchor tip. The vessel removing the anchor is often capable of
applying a lifting force on the anchor with the recovery line. This
assistance can significantly reduce the required extraction pressure and
therefore should be included in the removal analysis.

Transportation and Handling of Loads

The suction pile structure and its installation appurtenances should be
designed for the maximum loads generated during suction pile handling,
transportation, lifting, upending, lowering, and recovery. The suction pile
designer should interface closely with the installation contractor when
determining these load cases. Design of appurtenances for these load cases is
typically performed using the installation contractor’s in-house design
guidelines or other recognized codes. Nevertheless, all lifting appurtenances

and their supporting structures should meet the minimum requirements of
API RP 2A [11].

4.5.6.3. Structural Analysis Method

Pile analysis in accordance with Section 3 of API RP 2A [11] is appropriate
for piles with diameter-to-thickness ratios (D/t) of less than 120. For
cylindrical piles with D/t ratios exceeding 120, it is recommended that
a detailed structural finite element model be developed for the global
structural anchor analysis to ensure that the anchor wall structure and
appurtenances have adequate strength in highly loaded areas. Supplemen-
tary manual calculations may be appropriate for members or appurtenances
subjected to local loading.

4.5.6.4. Space Frame Model

A space frame model generally consists of beam elements plus other
elements needed to model specific structural characteristics. This is
appropriate for piles with D/t ratios of less than 120 and for preliminary
design of the top cap or padeye backup structures on large-diameter piles
(i.e., D/t > 120).
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Finite Element Model

Finite element analysis is recommended for the global shell structure, top
cap plate and supporting members, and the padeye backup structure for piles
with D/t > 120. Complex shapes such as the padeye casting or welding
should also be analyzed by finite element method.

Manual Calculations
Manual calculations using empirical formulas and basic engineering prin-
ciples can be performed when detailed finite element analysis is not needed.

Stress Concentration Factors
Stress concentration factors can be determined by detailed finite element
analysis, physical models, and other rational methods or published formulas.

Stability Analysis

Formulas for the calculation of the buckling strength of structural elements
are presented in API Recommended Practice 2A [11]; API Bulletin 2U,
“Stability Design of Cylindrical Shells” [12]; and API Bulletin 2V, “Design
of Flat Plate Structures” [13]. As an alternative, buckling and postbuckling
analysis or model tests of specific shell or plate structures may be performed
to determine buckling and ultimate strength.

Dynamic Response

Significant dynamic response is not expected for the anchor in its in-place
condition; therefore, anchor structures are often analyzed statically. Trans-
portation analysis, however, will typically include dynamic loads generated
by harmonic motions of a simple single-degree-of-freedom model.

4.5.6.5. Structural Design Criteria
Design Codes

The method for structure design is the working stress design method, where
stresses in all components of the structure are kept within specified values. In
general, cylindrical shell elements should be designed in accordance with
API RP 2A [11] for D/t ratios of less than 300 or API Bulletin 2U [8] when
D/t exceeds 300, flat plate elements in accordance with API Bulletin 2V [9],
and all other structural elements in accordance with API RP 2A, as appli-
cable. In cases where the structure’s configurations or loading conditions are
not specifically addressed by these codes, other accepted codes of practice
can be used. In this case, the designer must ensure that the safety levels and
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design philosophy implied in the API R ecommended Practice 2SK [14] are
adequately met.

In API RP 2A, allowable stress values are expressed, in most cases, as
a fraction of the yield or buckling stress. In API Bulletin 2U, allowable stress
values are expressed in terms of critical buckling stresses. In API Bulletin 2V,
the allowable stresses are classified in two basic limit states: ultimate limit states
and serviceability limit states. Ultimate limit states are associated with the
failure of the structure, whereas serviceability limit states are associated with
adequacy of the design to meet its functional requirements. For the purpose of
suction anchor design, only the ultimate limit state is considered.

Safety Categories

There are two safety categories: Category A safety criteria are intended for
normal design conditions, and Category B safety criteria are intended for
rarely occurring design conditions. The criteria listed in Table 4-2 are
recommended.

Allowable Stresses
For structural elements designed in accordance with API RP 2A [11], the
allowable stresses recommended in these codes should be used for normal
design conditions associated with Category A safety criteria. For extreme
design conditions associated with Category B safety criteria, the allowable
stresses may be increased by one-third if the working stress design method is
utilized (e.g., API RP 2A-WSD [15]).

For shell structures designed in accordance with API Bulletin 2U [12],
a factor of safety equal to 1.67W is recommended for buckling modes for
Category A safety criteria. For Category B safety criteria, the corresponding
factor of safety is equal to 1.25W. The parameter W varies with buckling
stress and is defined in API Bulletin 2U. It is equal to 1.2 for elastic buckling

Table 4-2 Suction Pile Safety Criteria [13]
Load Condition Safety Criteria

Maximum intact

Maximum one-line damaged
Anchor embedment

Anchor extraction (temporary)
Anchor extraction (terminal)
Handling/lifting/lowering/recovery
Transportation

BT
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stresses at the proportional limit and reduces linearly for inelastic buckling to
1.0 when the buckling stress is equal to the yield stress.

For flat plate structures designed in accordance with API Bulletin 2V
[13], the allowable stress is obtained by dividing the ultimate limit state stress
by an appropriate factor of safety, which is 2.0 for Category A safety criteria
and 1.5 for Category B safety criteria.

For cylindrical elements with D/t ratios exceeding 120, it is recom-
mended that global strength be analyzed using finite element techniques.
Local buckling formulations for axial compression, bending, and hydrostatic
pressure given in API RP 2A [11] for D/t <300 and API Bulletin 2U [12]
D/t > 300 are considered valid if due consideration is made for variable wall
thicknesses (when it occurs) and buckling length (which may extend below
the mudline when performing suction embedment analysis).

The nominal Von Mises (equivalent) stress at the element’s extreme fiber
should not exceed the maximum permissible stress as calculated below:

G4 = M0y (4-2)

where
Oa: Allowable Von Mises stress;
MN;: Design factor for specified load condition;
Oy: Specified minimum yield stress of anchor material.
Design factors for the listed load conditions are given in Table 4-3.

4.,5.7. Installation of Suction Piles, Suction Caissons,
and Plate Anchors

4.5.7.1. Suction Piles and Suction Caissons
Installation Procedure, Analysis, and Monitoring
Installation procedures should be developed and installation analyses should
be performed for suction pile and suction caisson anchors to verify that the

Table 4-3 Design Factors for Finite Element Analysis

Load Condition Design Factor ni
Maximum intact 0.67
Maximum one-line damaged 0.90
Anchor embedment 0.67
Anchor extraction (temporary) 0.67
Anchor extraction (terminal) 0.90
Handling/lifting/lowering/recovery 0.67

Transportation 0.90
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anchors can penetrate to the design depth. The installation analysis should

also consider anchor retrieval for the following cases:

* Mobile moorings where anchor removal is needed for reuse of the
anchor or to clear the seabed. The suction pile retrieval procedures and
analysis should account for the estimated maximum setup time.

e Permanent moorings where it is required by authorities that the
anchors be removed after the system service life. The suction pile
retrieval procedures and analysis should be based on full soil
consolidation.

For suction pile embedment analysis, the risk of causing uplift of the soil
plug inside the anchor should be considered. The allowable underpressure
to avoid uplift should exceed the required embedment pressure by a factor
of 1.5.

Anchor installation tolerances should be established and considered in
the suction pile anchor geotechnical, structural, and installation design
process. The following typical tolerances should be considered:

* Allowable anchor tilt angle in degrees;

* Allowable deviation from target orientation of the mooring line
attachment to limit padeye side loads and rotational moments on the
anchor;

*  Minimum penetration required to achieve the required holding capacity.
Suction pile installation analysis should provide the relevant data needed

for the suction pile design and installation procedures. The following typical

information is required:

* Anchor self-weight penetration for applicable soil properties or range of
properties;

* Embedment pressure versus penetration depth for applicable soil
properties;

* Allowable embedment pressure to avoid plug uplift;

¢ Penetration rate;

* Estimated internal plug heave.

To verify that the suction pile installation is successful and in agreement
with the design assumptions, the following data should be monitored and
recorded during the installation of suction piles:

* Self-weight penetration;

*  Embedment pressure versus penetration depth;

¢ Penetration rate;

* Internal plug heave (by direct or indirect means);

* Anchor heading and anchor tilt in degrees;
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* Final penetration depth.

For the installation of temporary mooring suction pile anchors,
measurement of the internal plug heave is not required if the anchor reaches
its design embedment depth.

Skirt Penetration of Suction Caissons

The following points should be given attention when designing the skirt

penetration capability of suction caissons:

* The skirt penetration resistance should account for the reduced shear
strength along the skirt wall due to the disturbance during penetration.
Normally, the remolded shear strength is applied.

+ Stiffeners (outside and inside) may influence the penetration resistance,
because additional force may be required to penetrate them, and the
failure mode around internal stiffeners should be given attention. On the
other hand, a gap may form above outside and inside stiffeners. This may
reduce the penetration resistance and form potential flow paths. In the
case of several ring stiffeners, clay from the upper part of the profile may
be trapped between the stiffeners and give low resistance at larger depth.
In stift clays the soil plug may stand open, giving essentially no skin
friction along the inside wall.

* The allowable underpressure for penetration should be calculated as the
sum of the inverse bearing capacity at skirt tip and the internal skirt wall
friction. There is some controversy as to whether the conventional
bearing capacity factor can be used to calculate the end bearing capacity
below the skirt tip, but most designers tend to assume conventional
bearing capacity factors.

+ If the outside or inside suction caisson skirt wall is given surface treat-
ment (e.g., painting), this may cause reduction in the skirt wall friction,
which should be taken into account in the calculations.

4.5.7.2. Plate Anchors
Direct Embedded Plate Anchors

Direct embedment of plate anchors can be achieved by suction, impact or
vibratory hammer, propellant, or hydraulic ram. The suction embedded plate
anchor (SEPLA) has been used for major offshore mooring operations. As an
example, the SEPLA uses a so-called suction follower, which is essentially
a reusable suction anchor with its tip slotted for insertion of a plate anchor.
The suction follower is immediately retracted by reversing the pumping
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action once the plate anchor is brought to the design depth, and can be used to
install additional plate anchors. In the SEPLA concept, the plate anchor’s
fluke is embedded in the vertical position and necessary fluke rotation is
achieved during a keying process by pulling on the mooring line.

Installation procedures should be developed and installation analyses
should be performed for direct embedded plate anchors to verify that the
anchors can penetrate to the design depth. The installation analysis should
also consider plate anchor retrieval if applicable.

For the embedment analysis, the risk of causing uplift of the soil plug
inside the suction embedment tool should be considered. The allowable
underpressure to avoid uplift should exceed the required embedment
pressure by a factor of 1.5.

Plate anchor installation tolerances should be established and considered
in the anchor’s geotechnical, structural, and installation design process. The
following typical tolerances should be considered:

* Allowable deviation from target heading of the mooring line attachment
to limit padeye side loads and rotational moments on the anchor padeye;

*  Minimum penetration required before keying or test loading to achieve
the required holding capacity;

* Allowable loss of anchor penetration during plate anchor keying or test
loading.

Suction embedment analysis should provide relevant data needed for the
design and installation procedures, which should allow verification of the
assumptions used in the anchor design. The following typical information is
required:

* Suction embedment tool self-weight penetration for applicable soil
properties or range of properties;

* Embedment pressure versus penetration depth for applicable soil
properties;

* Allowable embedment pressure to avoid plug uplift;

¢ Penetration rate;

* Estimated internal plug heave.

To verify that the plate installation is successful and in agreement with
the assumptions in design, the following data should be monitored and
recorded during the installation of the suction embedment tool to verify the
assumption used in design:

* Self-weight penetration;
*  Embedment pressure versus penetration depth;
e Penetration rate;
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* Internal plug heave, if it is expected that plug heave could be a concern;
¢ Anchor orientation;
* Final penetration.

Drag Embedded Plate Anchors

For drag embedded plate anchors used in permanent moorings, the

installation process should provide adequate information to ensure that the

anchor reaches the target penetration, and that the drag embedment loads
are within the expected load range for the design soil conditions. The
following typical information should be monitored and verified:

* Line load in drag embedment line;

* Catenary shape of embedment line based on line tension and line length
to verify that uplift at the seabed during embedment is within allowable
ranges and to verify anchor position;

* Direction of anchor embedment;

* Anchor penetration.

4.5.7.3. Test Loading of Anchors

For suction piles, suction caissons, and plate anchors, the installation records
should demonstrate that the anchor penetration is within the range of upper
and lower bound penetration predictions developed during the anchor
geotechnical design. In addition, the installation records should confirm the
installation behavior, that is, self~weight penetration, embedment pressures,
and drag embedment loads and that the anchor orientation is consistent
with the anchor design analysis. Under these conditions, test loading of the
anchor to a full intact storm load should not be required.

Plate anchors should be subjected to adequate keying loads to ensure that
sufticient anchor fluke rotation will take place without further loss of anchor
penetration. The keyingload required and amount of estimated fluke rotation
should be based on reliable geotechnical analysis and verified by prototype or
scale model testing. The keying analysis used to establish the keying load
should also include analysis of the anchor’s rotation when subjected to the
maximum intact and one-line damage survival loads. If the calculated anchor
rotation during keying differs from the anchor rotation in survival conditions,
then the anchor’s structure should be designed for any resulting out-of-line
loading to ensure that the anchor’s structural integrity is not compromised.

In cases where the installation records show significant deviation from
the predicted values and these deviations indicate that the anchor holding
capacity may be compromised, test loading of the anchor to the maximum
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dynamic intact load may be required and may be an acceptable option to

prove holding capacity for temporary moorings. However, testing anchors

to the maximum intact load does not necessarily prove that required anchor

holding safety factors have been met, which is of special concern for

permanent mooring systems. Consequently, if the installation records show

that the anchor holding capacity is significantly smaller than calculated and

factors of safety are not met, then other measures to ensure adequate factors

of safety should be considered:

* Additional soil investigation at the anchor location to establish and/or
confirm soil properties at the anchor site;

¢ Retrieval of the anchor and reinstallation at a new undisturbed location;

* Retrieval of the anchor, redesign and reconstruction of the anchor to meet
design requirements, and reinstallation at a new undisturbed location;

*  Delay of vessel hookup to provide additional soil consolidation.

4.5.8. Driven Pile Anchor
4.5.8.1. Basic Considerations
Driven pile anchors provide a large vertical load capacity for taut catenary
mooring systems. The design of driven pile anchors builds on a strong
industry background in the evaluation of geotechnical properties and the
axial and lateral capacity prediction for driven piles. The calculation of
driven pile capacities, as developed for fixed offshore structures, is well
documented in API RP 2A. The recommended criteria in APl RP 2A
should be applied for the design of driven anchor piles, but with some
modifications to reflect the differences between mooring anchor piles and
fixed platform piles.

The design of a driven pile anchor should consider four potential failure
modes:
1. Pull-out due to axial load;
2. Opverstress of the pile and padeye due to lateral bending;
3. Lateral rotation and/or translation;
4. Fatigue due to environmental and installation loads.

The safety factors of holding capacity is defined as the calculated soil
resistance divided by the maximum anchor load from dynamic analysis.

4.5.8.2. Geotechnical and Structural Strength Design

In most anchor pile designs, the mooring line is attached to the pile below
the seafloor, to transfer lateral load to stronger soil layers. As a result, the
design should consider the mooring line angle at the padeye connection
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resulting from the “reverse catenary” through the upper soil layers.
Calculation of the soil resistance above the padeye location should also
consider remolding eftects due to this trenching of the mooring line
through the upper soil layers.

Driven pile anchors in soft clay typically have aspect ratios (penetration/
diameter) of 25 to 30. Piles having such an aspect ratio would be fixed in
position about the pile tip and consequently would deflect laterally and fail
in bending before translating laterally as a unit. Driven pile anchors are
typically analyzed using a beam-column method with a lateral load-
deflection model (p-y curves) for the soil. These computations should
include the axial loading in the pile, as well as the mooring line attachment
point, which will influence the deflection, shear, and bending moment
profiles along the pile. Pile stresses should be limited to the basic allowable
values in API RP 2A [11] under intact conditions. Basic allowable stresses
may be increased by one-third for rarely occurring design conditions such as
a one-line damaged condition.

Because an anchor pile near its ultimate holding capacity experiencing
the largest deflection always engages new soil, “static” p-y curves may be
considered for calculation of lateral soil resistance. “Cyclic” p-y curves may
be more appropriate for fatigue calculations, because the soil close to the
pile will be more continually disturbed due to smaller, cyclic deflections.
The p-y curve modifications developed by Stevens and Audibert [16] are
recommended in place of the API RP 2A p-y curves, to obtain more realistic
deflections. Consideration should be given to degrading the p-y curves
for deflections greater than 10% of the pile diameter. In addition, when
lateral deflections associated with cyclic loads at or near the mudline are
relatively large (e.g., exceeding y. as defined in API RP 2A for soft clay),
consideration should be given to reducing or neglecting the soil-pile
adhesion (skin friction) through this zone.

The design of driven anchor piles should consider typical installation
tolerances, which may affect the calculated soil resistance and the pile
structure. Pile verticality affects the angle of the mooring line at the padeye,
which changes the components of the horizontal and vertical mooring line
loads that the pile must resist. Underdrive will aftect the axial pile capacity
and may result in higher bending stresses in the pile. Padeye orientation
(azimuth) may affect the local stresses in the padeye and connecting shackle.
Horizontal positioning may affect the mooring scope and/or angle at the
vessel fair lead, and should be considered when balancing mooring line
pretensions.
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4.5.8.3. Fatigue Design
Basic Considerations

Anchor piles should be checked for fatigue caused by in-place mooring line
loads. Fatigue damage due to pile driving stresses should also be calculated
and combined with in-place fatigue damage. For typical mooring systems,
fatigue damage due to pile driving is much higher than that caused by in-
place mooring line loads.

In-Place Loading

A global pile response analysis accounting for the pile—soil interaction
should be carried out for the mooring line reactions due to the fatigue sea
states acting on the system. The local stresses that accumulate fatigue damage
in the pile should be obtained by calculating a stress concentration factor
(SCE), relative to the nominal stresses generated by the global analysis, at the
fatigue critical locations. These locations are typically at the padeye, at the
girth welds between the padeye and the pile, and between subsequent pile
cans.

The evaluation of SCFs for girth welds needs to account for the local
thickness misalignment at the weld. Note that the calculated SCF needs to
be corrected by the ratio of the nominal thickness used in the pile response
analysis to the lesser of the pile wall thicknesses joining at the weld. The SCF
is to be applied to the nominal pile stress range obtained at the weld location
due to in-place loads, from which damage is to be calculated.

Installation Loading

Dynamic loads due to hammer impact during pile installation will induce
fatigue damage on both padeye and pile girth welds. The evaluation of the
cyclic loads involves the dynamic response of the pile—soil system due to the
hammer impact. This requires a wave equation analysis per blow for a given
hammer type and efficiency, pile penetration, and soil resistance. Various
such analyses are to be conducted for judiciously selected pile penetrations.
For each analysis, traces of stress versus time at the critical locations along the
pile are to be developed, as well as the number of blows associated with the
assumed penetration.

For either welds or padeye, fatigue load calculations should be carried
out at various pile locations using local stress range, derived from the wave
equation analysis at the selected pile penetrations. The location of the girth
weld should be determined by the pile makeup schedule. The local response
should include the corresponding SCF eftect. The number of cycles of the
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stress history per blow is obtained using a variable amplitude counting
method, such as the reservoir methods.

Fatigue Resistance

Applicable SN curves (stress-number of cycles to failure) depend on the
manufacturing processes and defect acceptance criteria. Typically, pile
sections are welded by a two-sided SAW (Submerged Arc Welding) process
and are left in the as-welded condition. For this case, the D curve may be
used. Use of a higher SN curve for this application, without additional
treatment of the weld, should be demonstrated by relevant data. Use of weld
treatment methods, such as grinding, may support the upgrading of the SN
curve, provided that (1) the grinding process is properly implemented, (2)
weld inspection methods and defect acceptance criteria are implemented,
and (3) pertinent fatigue data are generated to qualify the weld to a perfor-
mance level higher than that implied by the D curve.

Total Fatigue Damage and Factor of Safety

Once the fatigue loading and resistance have been determined, fatigue
damage due to in-place and installation loads can be evaluated. The total
fatigue damage should satisfy the following equation for the critical struc-
tural elements:

D = Dy + D> <1/F (4-3)

where Dy is calculated fatigue damage for phase 1, that is, the installation (pile
driving) phase and transportation phase, if significant. The D; term is the calculated
fatigue damage for phase 2, that is, the in-service phase, during the service life (e.g.,
20 years). The factor of safety is F and is equal to 3.0.

4.5.8.4. Test Loading of Driven Pile Anchors

The driven pile installation records should demonstrate that the pile self-
weight penetration, pile orientation, driving records, and final penetration
are within the ranges established during pile design and pile driving analysis.
Under these circumstances, test loading of the anchor to full intact storm load
should not be required. However, the mooring and anchor design should
define a minimum acceptable level of test loading. This test loading should
ensure that the mooring line’s inverse catenary is sufficiently formed to
prevent unacceptable mooring line slacking due to additional inverse catenary
cut-in during storm conditions. Another function of the test loading is to
detect severe damage to the mooring components during installation.
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5.1. INTRODUCTION

Most subsea structures are built onshore and transported to the oftshore
installation site. The process of moving subsea hardware to the installation
site involves three operations: load-out, transportation, and installation
operations. A typical subsea installation also includes three phases: lowering,
landing, and locking (e.g., subsea tree, manifold, and jumper).

Subsea Engineering Handbook © 2010 Elsevier Inc.
ISBN 978-1-85617-689-7, doi:10.1016/B978-1-85617-689-7.10005-6 All rights reserved. 139
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The objective of this chapter is to provide a basic understanding of the
installation concepts and vessel requirements for subsea engineering. The
main topics of this chapter are as follows:

* Typical installation vessels;

*  Vessel requirements and selection;
* Installation positioning;

* Installation analysis.

For typical installation methods for each subsea structure, please refer to
the specific topics and chapters.

5.2. TYPICAL INSTALLATION VESSELS

Installation of subsea structures may involve the following vessels:

* Transportation barges and tug boats

* Drilling vessels including jack-up rigs, semi-submersibles, and drill ships;

* Pipe-laying and umbilical-laying vessels;

* Heavy lift vessels;

» Offshore support vessels, such as ROV support vessels, diving support
vessels, and field support vessels.

5.2.1. Transportation Barges and Tug Boats

Subsea structures are normally transported from onshore to the offshore
installation site by a transportation barge. Once at the offshore installation
site, the subsea structure is transferred from the transportation barge to the

Installation
Vessel

Transportation
* Barge

Figure 5-1 Transportation Barge [1]
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Figure 5-2 Tug Boat [2]

drilling rig or construction vessels. Figure 5-1 shows a subsea Christmas tree
that was transported to its offshore location by a barge and prepared for
lowering by a rig winch.

Selection of the proper transportation barge and the arrangement of the
structures on the deck depends primarily on the following features:
* Dimensions, weight, and center of gravity (CoG) height of the structure;
* Distance and transportation route;
¢ Schedule constraints;
e Cost;
* Ability to avoid bad weather.

Transportation barges are normally towed by tug boats from one loca-
tion to another. A typical tug boat is shown in Figure 5-2.

5.2.2. Drilling Vessels

Drilling vessels are mainly designed for drilling activities, but they are also
used for the Subsea Production System (SPS) installation because of their
installation capacities such as water range, lifting capacity, and positioning
capacity. Drilling vessels normally include jack-up rigs, semi-submersibles,
and drilling ships.

5.2.2.1. Jack-Up Rigs

The jack-up, or self-elevating, rig was first built in 1954 and rapidly became
one of the most popular designs in mobile offshore drilling units. Jack-ups
were popular for drilling activities in shallow-water areas-up to 360 ft
(110 m). They provide a very stable drilling platform because part of the
structure is in firm contact with the seafloor, and they are fairly easy to move
from one location to another. Figure 5-3 shows a typical jack-up platform.



142 Y. Bai and Q. Bai

Figure 5-3 Jack-Up Rig [3]

5.2.2.2. Semi-Submersibles

Semi-submersibles are the choice for drilling from a floating position, due to
the deep water depths. Semi-submersible (“semi”) rigs float like a ship while
being towed into position, where their pontoons can then be flooded,
partially submerging the rig. Figure 5-4 illustrates a typical semi-submers-
ible. Because the main part of the structure is beneath the sea surface, semis
are not as susceptible to wave actions as drilling ships. Semis may be
stationed using dynamic positioning or anchoring. This type of platform has
the advantages of a smaller waterline plane, less susceptibility to wave eftects,
good stability, long self-sustaining period, and a great working depth. Thus,
they are suitable for installation of subsea structures ranging from 400 to
4000 ft (120-1200 m), and maybe deeper. For example, a spread-moored
semi in 6152 ft (1875 m) water depth (WD) was set offshore in Malaysia in
2002, and a semi at a WD of 9,472 ft (2890 M) with a DP system was set in
Brazil in 2003. A semi for a “taut line” mooring system was set in a WD of
8,950 ft (2730 m) in the GoM in 2003, which also set a record for subsea
completions in 7,571 ft (2300 m).
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Figure 5-4 Semi-Submersible [4]

5.2.2.3. Dirill Ships

A drill ship is a vessel with a drilling rig and station-keeping equipment for
drilling oil fields in deepwater. Drill ships have a larger payload capacity than
semi-submersible drilling vessels, but face shortcomings in terms of their
motion characteristics. Figure 5-5 illustrates a drill ship.

5.2.3. Pipe-Laying Vessels

Pipe-laying vessels can be categorized according to their pipe-laying
methods based on site characteristics, such as water depth and weather. The
three most common types are the S-lay, J-lay, and reel-lay types.

5.2.3.1. S-Lay Vessels

The S-lay method has been used for many years to lay offshore pipelines. An
S-lay vessel has a broad deck operating area. The pipe joint assembly line is
deployed in the middle or at the side of the main deck, which includes pipe
conveyors units, welding, NDT inspection and coating stations etc. The stern
of the vessel is constructed into a sloping slideway with a stinger, which is
used to modify and control the configuration (stress/stress distributions along
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Figure 5-6 S-Lay Barge [6]

the pipeline) of the pipeline in an “S” shape down to the seabed. Figure 5-6
shows a picture of a conventional S-lay installation vessel.

5.2.3.2. J-Lay Vessels

The J-lay vessel uses a J-lay tower/ramp to install the pipeline instead of the
stingers used in the S-lay vessel. Figure 5-7 shows a sketch of a J-lay vessel
with a J-lay ramp. The J-lay method difters from the S-lay method in that the
pipe departs from the lay vessel at a near-vertical angle (e.g., 60° to 87°).
There is no overbend to maintain as in S-lay, thus no stinger is required. This
type of operation is developed to cater to deepwater pipeline installations.

5.2.3.3. Reel-Lay Vessels
A typical reel-lay vessel usually provides an economical tool for installing
long, small-diameter pipelines (typically smaller than 16 in. (0.406m)). The
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Figure 5-7 J-Lay Vessel with a J-lay Ramp [7]

pipeline is made up onshore and is reeled onto a large drum (e.g., approximate
diameter X width = 20 m X 6 m)) on the middle deck of a purpose-built
vessel in a spool base 66 ft X 20 ft. During the reeling process in the spool base,
the pipe undergoes plastic deformation on the drum. During the offshore
installation, the pipe is unreeled and straightened using a special straight ramp.
The pipeline on drum will be unreeled accompanying with vessel speed at
e.g. 12km/day (usually 3-15 km depending on pipe diameter) [14]. The pipe
is then placed on the seabed in a configuration similar to that used by S-lay
vessels, although in most cases a steeper ramp can be used and overbend
curvature is eliminated as with a J-lay. This kind of pipe-laying vessel is easily
manipulated with simple pipe-laying devices; in addition, it has a good pipe-
laying speed. Figure 5-8 shows a typical reel-lay vessel.

5.2.4. Umbilical-Laying Vessels

Unmbilicals can be installed either by a reel-lay vessel or a carousel-lay vessel.
Reeels provide easy load-out. The maximum installed umbilical length is 1.9—
9.3 mile (3 to 15 km), depending on the diameter of the reels. The critical
gross weight of reels with umbilicals is about 250 ton (226 metric ton).
However, a carousel allows for a longer length of umbilical to be installed
(>62 mile (100 km)), and it can avoid field splices. It does, however, require
a dedicated vessel and longer load-out times of, for example, 22-33 ft (6 to 10
m)/min. Figure 5-9 illustrates a typical the carousel-lay vessel.
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Figure 5-8 Reel-Lay Vessel [8]

-

Figure 5-9 Carousel-lay Vessel [9]

5.2.5. Heavy Lift Vessels

A heavy lift vessel (HLV) is a vessel with a specific crane that has a large lifting
capacity of up to thousands of tonnes. Large and heavy subsea structures such
as templates may require HLVs to perform lifting. The lifting capacities of
most HLVs range between 500 and 1000 ton (454 to 907 metric ton),
whereas crane capacity on normal construction vessels is below 250 ton (226
metric ton). An HLV’ stability and sea-keeping abilities are its most
important characteristics. Figure 5-10 illustrates a typical heavy lift vessel.

5.2.6. Offshore Support Vessels

Offshore support vessels are special vessels that provide support for field dril-
ling, construction, decommissioning, and abandonment. The support vessels
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Figure 5-10 Heavy Lift Vessel [10]

normally include survey, standby, inspection, and installation assistance (e.g.,
monitoring). The following types of offshore support vessels may be utilized:
* ROV support vessel (RSV);

* Diving support vessel (DSV);

* Survey ship;

*  Oftshore supply ship or field support vessel (FSV).

An ROV support vessel is a platform with specialized equipment and
spaces to store, deploy, and support ROVs for their subsea intervention.

A diving support vessel is a platform with specialized diving equipment,
such as diver-to-surface communication system, submersible, on-site diving
hyperbaric chamber, compression chamber, and so on for subsea interventions
by professional divers.

A survey ship is a platform with specialized instruments and laboratories
for the study of the ocean physics, chemistry, geology, topography, aerog-
raphy, and hydrology required for SPS installation.

A field support vessel is a multipurpose vessel that can provide trans-
portation, supplies, and rescue and diving support.

5.3. VESSEL REQUIREMENTS AND SELECTION

A proven subsea arrangement is the use of pipelines and umbilicals connecting

subsea wells to the moored host facility (semi-submersible, FPSO, etc.). This

subsea development scenario may require the following installation tasks:

+ Lifting and installation of subsea Christmas trees, manifolds, PLET/
PLEMs, UTA, SDU, etc.;
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* Laying of umbilicals and pipelines;
* Subsea tie-ins.

The following factors need to be taken into account for selecting vessels

for subsea development:

* Installation task: What is to be installed?

* Environmental conditions: How deep is the water in the installation
site?

*  Vessel features: What requirements should the vessel meet?

*  Costs: What is the estimated budget?

This section emphasizes vessel features. The requirements of vessel
features are divided into two categories in this chapter: basic requirements
and functional requirements. The basic requirements describe what is needed
to ensure vessel basic performance and safety. The functional requirements
describe the critical actions needed to perform installation activities.

5.3.1. Basic Requirements for Vessels and Barges

A vessel’s performance and structure are basic requirements to be considered
when selecting vessels and barges.

5.3.1.1. Vessel Performance

Vessel performance issues for and installation vessel include the following:

*  Buoyancy: The vessel should be buoyant at a certain loaded condition.
There may be four buoyancy conditions for the vessel: upright position,
trim, heel, and a combination of those conditions.

»  Stability: Stability means that the vessel can get back to its initial balanced
position once the forces or moments applied on it have disappeared.
Stability can be divided into “initial stability at small angle of inclination”
(<10°) and “stability at a large angle of inclination.” Initial stability has a-
linear relationship between inclination angle and uprighting moment.

o Insubmersibility: Insubmersibility means that the vessel can remain
buoyant and stable once one space or multiple spaces of the vessel are
flooded. Sufficient stability and reserve buoyancy are ensured for all
floating vessels in all stages of marine operations.

*  Sea-keeping: Sea-keeping means that the vessel can remain safe while
navigating or operating at sea, even though it may be exposed to the
severe forces and moments created by wind, waves, and current.

*  Maneuverability, speed, and resistance: Maneuverability of the vessel refers
to the capability of the vessel to keep a constant navigation direction or
change direction only according to the pilots desire. Speed and
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resistance refers to the speed capability of the vessel at the rated power of
the main engine.

5.3.1.2. Vessel Strength
Vessel structures can experience three types of failures: strength failures,
stability failures, and fatigue failures. A strength failure normally means that
the stress of the vessel structure is larger than its Specified Minimum Yield
Strength (SMY'S). A stability failure means that the compressive stress of the
structure is larger than the critical stability stress (e.g., Euler stress) and results
in large displacements. Fatigue failure refers to the cracking or fracturing of
the vessel’s structure due to continuous stress circulations.

The strength of the vessel normally includes longitudinal strength and
local strength. The strength of the vessel should not be exceeded during all
vessel activities such as load-out, lifting, and transportation.

5.3.2. Functional Requirements

Generally speaking, a vessel is just a stable platform that sustains the specific
equipment performing the required activities. The specific equipment is
mobilized on board before carrying out the installation activities, and
demobilized to the shore base once the required activities have been
completed. The mobilization and demobilization consumes time and
money. Consequently, specialized vessels with specific equipment for
a certain type of job, such as pipe-laying vessels or diving support vessels, are
often used. The main differences between the function requirements of
a subsea hardware installation vessel and that of a pipe-laying/umbilical-
laying vessel are the different requirements for specific equipment. This
section discusses common vessel features that need to be considered during
vessel selection.

5.3.2.1. Vessel for Subsea Hardware Installation

Generally, subsea hardware can be installed by a discretional vessel with
sufficient winch rope length and crane capacity with or without a heave
compensator. The vessel may be a drill vessel, pipe-laying vessel, umbilical-
laying vessel, or offshore support vessel. The critical vessel features for subsea
installation normally include the following:

*  Deck space for the project equipment;

*  Deck load capacity;

* Crane capacity and coverage;

*  Vessel sea behaviors (RAOs);
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* ROV requirements, such as two work-class ROVs for subsea structure
installation, one work-class ROV, and one survey ROV for pipeline/
umbilical laying, monitoring, etc.

* Accommodation capacity;

* Transit speed (high transit speed has become important due to long transit
distances as field developments are placed in deeper and deeper water);

* Positioning requirements.

Lifting and installation of subsea structures must be performed in
a timely and safe manner, taking into account all site limitations:

e Weather conditions;

* Seabed soil conditions and visibility;

* Other site constraints (mooring lines, other subsea structures, etc.).
The deck handling system and the lifting devices on the vessel must be

designed to control and prevent the pendulum movements of the subsea

structures as they leave the deck storage area, pass through the splash zone,
and land safely on the seabed.

This dedicated installation equipment (cranes, winches, etc.) must be
designed, built, and operated to suit the conditions in which they are
to perform. More specifically, they also must take into account the structure’s
installation criteria and constraints, as specified by the designers/manufac-
turers and national codes/certifying authority rules (DNV, API, ABS, etc.).

5.3.2.2. Vessel for Pipe and Umbilical Laying

Compared with the subsea hardware installation vessel, the selection of
a pipe-laying vessel should include the following additional requirements for
some specific equipment:

»  Capacity of tensioner: This is required based on the water depth and
pipeline unit weight and buoyancy.

o Abandon and recovery winch: This is required at the end of the pipe-laying
process and if emergency conditions arise.

*  Davits capacity: This is required once davit activity is necessary for the
offshore connection of pipeline or umbilicals.

*  Product storage capacity: This is required if the pipe joints or umbilical reels
cannot be transferred from the storage barge to the laying vessel due to
bad weather.

5.4. INSTALLATION POSITIONING

Installation of subsea hardware requires the vessel to keep its position well so
that the subsea hardware can be placed onto the target foundation with the
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required accuracy. The positioning operation includes surface positioning
and subsea positioning. Surface positioning or vessel positioning refers to
positioning that maintains the vessel at the correct position at all times
during installation. It is the first step of subsea production system installation
because it brings the hardware to be installed near its ultimate aiming
position. Subsea positioning refers to positioning to monitor and control the
equipment underwater relative to the installation vessel and seabed target
area during the process of lowering equipment through the water and
landing or locking.

5.4.1. Surface Positioning
A surface positioning system can be divided into these components:

*  Power system, supplying power to all of the following systems;

* DPosition reference system, normally using DGPS a hydroacoustic
measuring system such as USBL, SBL, LBL, and a taut wire system;

* Controlling system;

* Station-keeping system such as a mooring system including anchor gear,
anchor lines, and anchors for positioning (see Figure 5-11) or a thruster
system for dynamic positioning (see Figure 5-12).

5.4.2. Subsea Positioning

Once the surface vessel has been positioned, subsea hardware will be
deployed from the vessel through water to the target location on the seabed.
During the lowering and landing process, the hardware will be tracked with
a hydroacoustic unit (e.g., transponder) for position measuring and

Figure 5-11 Anchor Positioning of a Semi-Submersible [11]
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Figure 5-12 Dynamic Positioning System [11]

a gyrocompass (and ROV) for inclination detection (roll, pitch, and
heading), which were tied to the hardware on board before lowering.

Two methods are widely used for subsea hardware installation: the
guideline (GL) method and the guideline-less (GLL) method. The GL method
uses guidelines (normally four tensioned wires) to deploy subsea hardware to
the seabed. The subsea positioning for this method is quite convenient, but has
been limited by the guidelines. It also consumes time and costs money for
deepwater installations. The GLL method deploys subsea hardware in deep-
water without guidelines. The subsea positioning for this method is relatively
complex for hardware landing and requires limited installed tolerance such as
inclination and position bias in the x, y direction. It also requires heavy
structures on all equipment to be in the proper orientation.

The hardware heave motion should be strictly limited during its landing
process, so active or passive heave compensator systems have been introduced
into the lifting system of installation vessels used for subsea deployment.

5.5. INSTALLATION ANALYSIS

Installation analysis is a type of calculation for the validation of lifting capacity,
strength capacity for lifting objects and vessel structures, etc. Installation
analysis can be divided into two categories based on different phases of
installation engineering: (1) preliminary installation analysis of the front-end
engineering design (FEED) for determining the installation method, instal-
lation vessels and equipment, as well as the relevant installation duration and
cost estimations, and (2) detailed installation analysis of the engineering
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design with the goal of developing and installation procedure and relevant

installation drawings. The preliminary installation analysis is just used for

some critical installation activities such as SPS splash zone lowering and

pipeline installation at maximum water depth to prove the feasibility/

capability of the vessel and equipment, whereas the detailed installation

analysis is designed to provide a step-by-step analysis of the SPS installation.
The subsea installation can be categorized into three types of installation

events: (1) subsea equipment deployment installation, (2) pipeline/riser

installation, and (3) umbilical installation. The minimum required data for

an installation analysis normally include:

* Environment and geotechnical data;

e Vessel motion characteristics;

* Subsea production system data;

* Rigging system data.

5.5.1. Subsea Structure Installation Analysis

The subsea structure installation procedure normally includes the following:
* Load-out and sea-fastening;

* Transportation;

* Site survey;

*  Deployment, typically including overboarding, splash zone lowering,

midwater lowering, landing, and positioning and setting (see Figure 5-13);
* As-built survey.

This section describe only the structure deployment analysis, which may
be the most critical analysis for subsea installation, while other analyses such
as barge strength verification for transportation and lifting analysis for load-
out, are not included in this section.

Analysis of subsea structure deployment provides the maximum allow-
able sea states and maximum expected cable tensions and the motions of
installed equipment during installation. Finite element software (e.g.,
Orcaflex) is used for the installation analysis. The objective of the detailed
installation analysis is to provide a step-by-step analysis to aid in the
generation of the equipment deployment procedure.

The installation analysis can be divided into two stages: static analysis
without any environmental loading, and dynamic analysis with environ-
mental loading such as current and wave. The static analysis determines the
relationship between vessel position, wire payouts, and tensions for the
system in a static state. The dynamic analysis is performed for the system
under environmental loads in order to determine the maximum allowable
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Figure 5-13 Sketch of Analysis Steps for Typical Subsea Structure

installation sea states and the maximum tension required. The analyses are
carried out for a range of wave heights and wave periods.

The analysis model comprises the installation vessel associated with its
RAO:s, drilling pipe with running tools or a crane with its winch wires, and
rigging systems and equipment.

Figure 5-13 illustrates the installation procedures for a typical subsea
structure with the forces modeled during each step. For detailed installation
analysis of the manifold, refer to Section 19.5.

5.5.2. Pipeline/Riser Installation Analysis

The four normal installation methods for pipelines/risers are as follows:

* S-laying method, in which the pipe is laid from a near-horizontal
position on a lay barge using a combination of horizontal tension and
a stinger (bend-limiting support).

* J-laying method, in which the pipe is laid from an elevated tower on a lay
barge using longitudinal tension without an overbend configuration at
the sea surface. Load-out and transportation of pipe joints will be per-
formed by the transportation barge at the same time pipe is being laid by
the pipe-laying vessel for the S-laying and J-laying method.

* Reel-laying method, in which the pipe is made up at some remote
location onshore, spooled onto a large radius reel aboard a reel-lay vessel,
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and then unreeled, straightened, and laid down to the seabed at the

offshore installation location.

* Towing lay method, in which the pipe is made up at some remote
location onshore, transported to the oftshore installation site by towing,
and laid down. The towing is either on the water surface (surface
towing), at a controlled depth below the surface (control depth towing
method [CDTM)]), or on the sea bottom (bottom towing), where the
different water depths are used mainly to reduce the fatigue damage due
to wave action.

Figure 5-14 shows the pipeline configurations for the S-laying, J-laying,
reel-laying, and towing lay methods.

A subsea riser or pipeline is exposed to different loads during installation
from a laying vessel depending on the installation methods. The loads
include hydrostatic pressure, axial tension, and bending. The normal failure
modes may be local buckling and buckling propagation due to external
pressure and bending moments for pipeline/riser installation.

The installation analysis includes two parts: static analysis and dynamic
analysis. The stress or strain criteria used for the installation calculation are
different based on the project. In most cases, the strain criteria are used for
the analysis. However, in some projects, stress criteria are also used. For
example, the stress criteria are 72% SMYS and 96% SMYS for pipeline
sag-bend area and pipeline overbend area (as shown in Figure 5-15),
respectively, according to DNV OS F101 2007 [15]. The stress analysis
during the pipeline installation procedure should be carried out in detail to
check the stress criteria.

The analysis provides the maximum allowable sea states and maximum
expected tension loads and stress/strain distribution during installation
procedure. The pipeline/riser installation analysis is normally carried out by
using OFFPIPE or Orcaflex software.

5.5.3. Umbilical Installation Analysis

Umbilicals are laid using one of the following typical methods:

* The umbilical is initiated at the manifold with a stab and hinge-over
connection or a pull-in/connection method and terminated near the
subsea well with a second end lay down sled (i.e., infield umbilical
connection from manifold to satellite well). The connection between
the umbilical and the subsea well is later made using a combination of
the following tie-in methods: (1) rigid or a flexible jumper, (2) junction
plates, and (3) flying leads.
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e The umbilical is initiated at the manifold with a stab and hinge-over
connection or a pull-in/connection method. It is laid in the direction to
the fixed or floating production system and pulled through an I/] tube or
cross-hauled from the laying vessel to the floating production vessel.

e The umbilical can also be initiated at the fixed or floating production
system and terminated near the subsea structure with a second end
umbilical termination assembly (i.e., termination head, lay down sled,
umbilical termination unit). A pull-in/connection tool operated by an
ROV may be used to connect the umbilical to the subsea structure.
The objective of the umbilical installation analysis is to provide a step-

by-step analysis that can aid in the generation of the umbilical installation

procedure. The analysis also provides the maximum allowable sea states,
maximum expected loads, and guidelines for vessel offsets.

The analysis is performed in two stages: static analysis without any envi-
ronmental loading on the model and dynamic analysis with environmental
loading such as current and wave. Dynamic analysis is performed by selecting
the worst cases (based on minimum bending radius and tension) from the
static analysis and then applying environmental loading such as current action,
wave action, peak period, and directionality to the model. The directions of
wave and current may be conservatively assumed to be the same.

The design criteria for an umbilical installation are as follows:
¢ Minimum bending radius (MBR) of umbilical;

*  Maximum allowable tension and compression loads;

*  Maximum allowable crushing loads, which can be translated to check
the maximum allowable top tension;

* Lateral stability on the seabed, which can be translated to check the
maximum allowable tension force of the touchdown point.
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The analysis model for a normal umbilical lay includes the installation
vessel with its RAOs and umbilical. The umbilical for lay initiation analysis
is modeled additionally with the umbilical termination head (UTH). The
umbilical for laydown analysis is modeled in Orcaflex additionally with
a wire attached to the end of the umbilical, together with the end termi-
nation/bend stiffener/pulling head assembly.
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6.1. INTRODUCTION

Subsea cost refers to the cost of the whole project, which generally includes
the capital expenditures (CAPEX) and operation expenditures (OPEX) of
the subsea field development, as shown in Figure 6-1.

From Figure 6-1 we can see that expenditures are incurred during each
period of the whole subsea field development project. Figure 6-2 illustrates
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Figure 6-1 Cost of Typical Subsea Field Development

the feasibility studies in different phases of a subsea field development
project. The feasibility studies are performed before execution of the
project, which may include three phases as shown in the figure:

* Prefield development;

* Conceptual/feasibility study;

* Front-end engineering design (FEED).

Figure 6-2 Feasibility Studies in Subsea Field Development Project
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Table 6-1 Cost Estimation Classification Matrix (AACE) [1]

Level of Expected
Estimate Project Accuracy Preparation
Class Definition  End Usage Methodology Range Effort
Class 5 0 to 2% Screening or Stochastic or 4 to 20 1
feasibility judgment
Class 4 1% to Concept study  Primarily 3to 12 2 to 4
15% or feasibility stochastic
Class 3  10% to Budget, Mixed, but 2to6 3to 10
40% authorization,  primary
or control stochastic
Class 2 30% to Control or bid/ Primarily
70% tender
deterministic 1 to 3 5 to 20
Class T 50% to Check estimate Deterministic 1 10 to 100
100% or bid/tender

Cost estimations are made for several purposes, and the methods used for
the estimations as well as the desired amount of accuracy will be different.
Note that for a “preliminary cost estimation” for a “project feasibility study,”
the accuracy will normally be £30%. Table 6-1 shows cost estimation
classifications according to Association for the Advancement of Cost
Engineering (AACE):

* Level of project definition: expressed as percentage of complete
definition;

* End usage: typical purpose of estimation;

*  Methodology: typical estimating method;

* Expected accuracy range: typical £ range relative to best index of 1 (if
the range index value of “1” represents +10/-5%, then an index value of
10 represents +100/-50%);

* Preparation effort: typical degree of effort relative to least cost index of 1
(if the cost index of “1” represents 0.005% of project costs, then an index
value of 100 represents 0.5%).

This chapter provides guidelines for cost estimation during a project
feasibility study, where the accuracy range is between £30% for subsea field
development projects.

6.2. SUBSEA CAPITAL EXPENDITURES (CAPEX)

Based on Douglas-Westwood’s “The Global Offshore Report,” [2] the
global subsea CAPEX and OPEX in 2009 was about $250 billion and will
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Figure 6-3 Subsea CAPEX and OPEX Distribution by Geographical Area (Douglas-
Westwood [2])

be $350 billion in 2013. Figure 6-3 shows the distribution of subsea costs by
geographical areas.

Figure 6-4 and Figure 6-5 show examples of the breakdown of deep-
water subsea CAPEX and shallow-water subsea CAPEX, respectively. The
major cost components of subsea CAPEX are equipment, testing, installa-
tion, and commissioning. The key cost drivers for subsea CAPEX are
number of wells, water depth, pressure rating, temperature rating, materials
requirement, and availability of an installation vessel.

Deepwater Subsea CAPEX

Insurance & Certificate 10%
Design & Project Management
Installation 339

Testing & Commissioning
Transportation, Tax & Tarrif

Flowline & Riser

Umbilicals

Equipment

Figure 6-4 Deepwater Subsea CAPEX Breakdown
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6.3. COST ESTIMATION METHODOLOGIES

Different cost estimating methods are used according to different phases of
the project and how much data/resources have been obtained. Three
methods are introduced in this book:

*  Cost—capacity estimation;

* Factored estimation;

*  Work breakdown structure.

The cost—capacity estimation method is an order-of-magnitude esti-
mation method, based on similar previous cost data. This method’s accuracy
range is within £30%.

The factored estimation method is based on several cost-driving
factors. Each of the factors is considered as a “weight” on basic cost data.
The basic cost is normally the price of a standard product based on the
proven technology at that time. Accuracy can be within £30%. This
book gives upper and lower bounds for the estimated costs in Section
6.4. Note that the suggested cost-driving factors as well as recommended
values for the methodology should be used within the given range and
be updated based on the actual data for the time and location in
question.

Another estimation method is the working breakdown structure (WBS)
methodology, which is commonly used in budget estimation. This method
is based on more data and details than are the two methods just mentioned.
By describing the project in detail, the costs can be listed item by item, and
at the end, the total costs are calculated.
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6.3.1. Cost-Capacity Estimation

Cost—capacity factors can be used to estimate a cost for a new size or
capacity from the known cost for a different size or capacity. The rela-
tionship has a simple exponential form:

G = C (%y (6-1)

where

Cs: estimated cost of capacity;

Cy: the known cost of capacity;

x: cost—capacity factor.
The capacities are the main cost drivers of the equipment, such as the
pressure ratings, weight, volume, and so on. The exponent x usually varies
from 0.5 to 0.9, depending on the specific type of facility. A value of x = 0.6
is often used for oil and gas processing facilities. Various values of x for new
projects should be calculated based on historical project data. Let’s look at
the procedures for calculating x values.

Revise Equation (6-1) to:

2\ (2 _
x = ln<C1>/1n<Q1> (6-2)

The resulting cost—capacity curve is shown in Figure 6-6. The dots in
the figure are the calculation results based on a database built by the user.
The slope of the line is the value of exponent x.

in (Cz/C1)

| | | | >

In (Q2/Qy)
Figure 6-6 Cost-Capacity Curve
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6.3.2. Factored Estimation

6.3.2.1. Cost Estimation Model
Costs are a function of many influencing factors and are expressed as:

C = F(flvf27f37Kﬁ) (i = 172a3?K) (6-3)

where
C: cost of the subsea Christmas tree;
F: calculation function;
iz cost factors.

Assume that:

CZﬁ’fé'_ff)°Kﬁ1'C0+Ct1zisc (12172137K) (6_4)

where

C: cost of the subsea equipment;

i cost-driving factors;

Co: basic cost;

Cise: miscellaneous cost.

Equation (6-4) also shows that the cost is the product of the factors based on
a fixed cost Cy. It is clear that the cost C can be estimated by multiplying the
cost drivers by the basic cost, which is generally the cost of a standard
product. The C,,; term refers to other miscellaneous costs that are related
to the equipment but not typical to all types.

The basic cost Cy is the cost of the typical/standard product among
the various types of a product; for example, for a subsea Christmas tree,
there are mudline trees, vertical trees, and horizontal trees. Currently,
the standard product in the industry is a 10 ksi vertical tree, so the cost of
a 10 ksi vertical tree will be considered the basic cost while calculating the
other trees.

6.3.2.2. Cost-Driving Factors
The following general factors are applied to all subsea cost estimation
activities.

Inflation Rate

Inflation is a rise in the general level of prices of goods and services in an
economy over a period of time. When the price level rises, each unit of
currency buys fewer goods and services. A chief measure of price inflation is
the inflation rate, the percentage change in a general price index (normally
the Consumer Price Index) over time. The cost data provided in this book
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are in U.S. dollars unless otherwise indicated, and all the cost data are based
on the year 2009, unless a specific year is provided.
To calculate the cost for a later/target year, the following formula should

be used:
C=Ce(1+n)s(I1+n)K1+r(i=1,23..) (6-5)

where

Cy: cost for target year;

Cy: cost for basic year;

r;: inflation rate for the years between base year and target year.
For example, if the cost of an item is 100 for the year 2007, and the inflation
rates for 2007 and 2008 are 3% and 4%, respectively, then the cost of that
item in year 2009 will be Crg9 = Cagp7 * (1 + roo7) * (1 + roog) = 100 =
1.03 = 1.04 = 1.0712.

Raw Materials Price
The price of raw material is one of the major factors affecting equipment

costs. Figure 6-7 shows the trends for steel and oil prices over time between
2001 and 2006.

Market Condition

Supply and demand is one of the most fundamental concepts of economics
and it is the backbone of a market economy. Demand refers to how much
(quantity) of a product or service is desired by buyers. Supply represents
how much the market can offer. Price, therefore, is a reflection of supply
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and demand. The law of demand states that if all other factors remain equal,
higher demand for a good will raise the price of the good.

For subsea development, the availability/supply of fabrication capacity
and installation vessels is one of the major cost drivers. Tight supply will
increase costs sharply, as shown in Figure 6-8.

Figure 6-8 also explains cost trends resulting from technology condi-
tions, which influence market supply. Costs change very slowly within
normal capacity, but they increase smartly after point ¢ as technology’s limits
are reached. For example, a 10-ksi subsea Christmas tree is now the standard
product in the market, so the cost of a 5-si subsea Christmas tree will not
change too much. However, the 15-ksi subsea Christmas tree is still a new
technology, so its costs will increase a project’s cost by a large amount.

Subsea-Specific Factors

Besides the general factors just introduced, cost estimations for subsea field

developments have their own specific factors:

*  Development region: Aftects the availability of a suitable installation vessel,
mob/demob  (mobilization/demobilization) costs, delivery/trans-
portation cost, etc.

*  Distance to existing infrastructure: Affects the pipeline/umbilical length and
design.

*  Reservoir characteristics: These characteristics, such as pressure rating and
temperature rating, affect equipment design.

o Water depth, metocean (normally refers to wind, wave, and current data) and
soil condition: Affects equipment design, installation downtime, and
installation design.

For more details on these factors, see specific topics in Section 6.4.
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6.3.3. Work Breakdown Structure

The work breakdown structure (WBS) is a graphic family tree that
captures all of the work of a project in an organized way. A subsea field
development project can be organized and comprehended in a visual
manner by breaking the tasks into progressively smaller pieces until they
are a collection of defined tasks, as shown in Figure 6-9. The costs of these
tasks are clear and easy to estimate for the project after it has been broken
down into the tasks.

The level 1 breakdown structure is based primarily on the main costs of
subsea equipment, system engineering, installation, and testing and
commissioning. The subsea elements are further broken down into the units
of subsea Christmas trees, wellheads, manifolds, pipelines, and so on. At
level 3 the breakdown reflects the equipment, materials, and fabrication
required.

The cost estimation uses the elements of the WBS described. The
cost of the project is estimated based on the costs established for each
element, and is the sum of all elements. The material costs and fabri-
cation costs are obtained by requesting budget prices from a selection of
preapproved bidders for each type of material or work. The scope of the
fabrication work provides details about the work relevant to that mate-
rial. It contains the project description, a list of free issue materials,

SUBSEA FIELD DEVELOPMENT
[
P—— | ”””” T o — [ TTESTING &
Level | — ) : Lo . ‘ ‘
SUBSEA | [ENGINEERING; | INSTALLATION: | commissIONING |
Wellhead & ManifTubing
Level 2 erl‘;gsfg : Tubing Hanger Pipelines Umbilicals
Hangers olds

Tree Assembly

Equipment &

Ve, — ) 4+—  [eve

Level 3 ——» Materials Level 4
Choke

—  Fabrication

Figure 6-9 Typical WBS for a Subsea Field Development
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a detailed list of work scope, and a fabrication, construction, and delivery
schedule.

In some cases, the scope of work document is replaced with a drawing.
The costs for the engineering elements are based on experience and
knowledge of the project requirements. The man-hours required for the
individual engineering activities are estimated and the cost derived by
application of the appropriate man-hour rates.

6.3.4. Cost Estimation Process

Cost estimates for subsea equipment can also be obtained by combining the
above two methods (factored estimation and WBS estimation). As shown in
the flowchart of Figure 6-10, we first select the basic cost, which is decided
based on the WBS of a standard product, and then choose the cost-driving
factors. By listing the data in several tables, choosing the appropriate data,
and putting them in Equation (6-4), we can arrive at the final estimation
cost.

I I

Cost Influencing
Components factors
Analysis Analysis
F values
WBS Calculation

< <

Selecting the
f

Co

Figure 6-10 Cost-Estimating Process Flowchart
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6.4. SUBSEA EQUIPMENT COSTS
6.4.1. Overview of Subsea Production System

Subsea production systems can range in complexity from a single satellite

well with a flowline linked to a host facility, to several wells on a template

producing and transferring product via subsea processing facilities to a host

facility or directly to an onshore installation. Figure 6-11 show a typical

subsea production system.
A subsea field development can include one or more of the following

subsea structures or equipment:

* A wellhead with associated casing strings to provide a basic foundation
structure and pressure containment system for the well;

* A subsea tree incorporating flow and pressure control valves;

* A tubing hanger, set either in the wellhead or tree, used to suspend the
production tubing and/or casing;

* A manifold/template system for controlled gathering/distribution of
various fluid streams;

* A structural foundation for positioning and supporting various
equipment;

Figure 6-11 Typical Subsea Production System [4]
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* A subsea production control system (SPCS) for remote monitoring and
control of various subsea equipment, such as a hydraulic power unit
(HPU) or subsea distribution assembly (SDA);

* A subsea control module (SCM);

* A chemical injection unit (CIU);

* An umbilical with electrical power and signal cables, as well as conduits
tor hydraulic control fluid;

« AUTA;

* A flying lead, which connects the UTA with other subsea structures,
such as a manifold;

*  One or more flowlines to convey produced and/or injected fluids between
the subsea completions and the seabed location of the host facility;

* A PLET;

* A jumper, which connects the PLET with other subsea structures, such
as a manifold;

*  One or more risers to convey produced and/or injected fluids to/from
the various flowlines located on the seafloor to the host processing
facilities;

* A subsea HIPPS to protect flowline and other equipment not rated for
the full shutdown wellhead pressure from being overpressured;

* An installation/workover control system (IWOCS or WOCS);

* A pigging system, including launcher and receiver;

* A boosting system, including an electrical submersible pump (ESP) and
multiphase pump (MPP);

* Various connectors used to connect different subsea equipment;

* Various protection structures and foundation structures.

This book will focus on some typical and common equipment and
introduce the cost estimation processes for them, instead of covering all
subsea equipment costs.

6.4.2. Subsea Trees

Figure 6-12 shows a subsea tree being deployed. The cost of subsea trees in
a subsea field development can simply be estimated by multiplying the unit
price by the number of trees. Tree type and number are selected and esti-
mated according to the field conditions such as water depth, reservoir
characteristic, and fluid type. The unit price can be provided by proven
contractors and manufacturers.
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Figure 6-12 A Subsea Tree Being Deployed [5]

6.4.2.1. Cost-Driving Factors

The following factors should be considered for subsea tree selection:

* Tree type (mudline, VXT, and HXT);

* Boressize (3, 4, 5, 7, and 9 in.);

* Pressure rating (5, 10, and 15 ksi);

* Temperature;

»  Water depth;

*  Well type (production well, water injection well, gas injection well);

» Service type (sour, neutral, and sweet);

*  Other factors (strategies for procurement, sparing, drilling, completion,
workover, testing, installation, commissioning, operation, inspection,
maintenance and intervention, and the experience of the operator).
After decades of experience and technology advancements, current trees

are standardized to the following parameters:

* Tree type: mudline, VXT, and HXT;

¢ Bore size: 5 in.;

* Pressure rating: 10 ksi;

*  Water depth: 3000 m (10,000 ft).

At the moment, 3000 m (10,000 ft) of water depth is the upper bound
and is unlikely to be exceeded in the next few years. So the main cost drivers
for a subsea tree are reduced to:



Subsea Cost Estimation 173

* Tree type;
¢ Bore size;
* Pressure rating.

The types of tree fall mainly into two categories: horizontal tree (HT) or
vertical tree (VT). The main differences between HTs and VTs are the
configuration, size, and weight. In an HT, the tubing hanger is in the tree
body, whereas in a VT, the tubing hanger is in the wellhead. In addition, an
HT is usually smaller in the size than a VT.

The bore size is standardized to 5 in., so there is very limited effect on
the cost when it is smaller than 5 in., such as 4 or 3 in. A bore size larger than
5 in., such as 7 or 9 in., has a large impact on the cost.

The pressure ratings for subsea Christmas trees are 5, 10, and 15 ksi, in
accordance with API 17D [6] and API 6A [7]. Different pressure ratings are
used at different water depths. The technology of 5- and 10-ksi trees is
common and is used in water depths greater than 1000 m. Several suppliers
can design and fabricate the 5- and 10-ksi subsea Christmas tress. The main
difference in the cost is determined by the weight and size. In addition, few
companies can design and fabricate the 15-ksi tree, so costs increase with
this tree because of market factors.

The temperature ratings of subsea Christmas trees influence the sealing
system, such as the sealing method and sealing equipment. APl 6A [7]
temperature ratings are K, L, P, R, S, T, U, and V. Typical subsea
Christmas tree ratings are LV, PU, U, and V. Many manufacturers
supply the equipment with a wide range of temperature ratings so that
they work in various types of conditions. The temperature ratings do
not have too great an influence on the total cost of a subsea Christmas
tree.

Material rating/selection depends mainly on the reservoir characteris-
tics, but it only has limited impact on the tree procurement cost.

6.4.2.2. Cost Estimation Model
Based on the aforementioned cost-driving factors, the cost estimation
model for the procurement of subsea tree can be expressed as:

C = fc 'ﬁ ']2: * Co + Chise (6_6>

where
f: bore size factor;
fr: tree type factor;
Jp pressure rating factor;
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Co: basic cost;
Cise. the miscellaneous cost not common to all trees.
The cost for the basic standardized tree is shown in the following tables,
which include:
* Pipeline connector;
* Tree caps;
* ROV retrievable choke assembly;
but excludes:
* Tubing hanger;
« SCM;
* Junction plate;
* Sensors.

Base Cost:

Base Cost Co (x10° USD) min. = 2.50 | average = 2.75 | max. = 3.00
Pressure 10 ksi Bore Size 51in. Tree Type VXT
Material Carbon steel (seal and gasket clad with CRA)

Cost Factor: Tree Type

Tree Type Mudline VXT Mudline HXT VXT HXT

Cost Factor f; min. 0.30 0.38 1.00 1.25
average 0.40 0.52 1.30

max. 0.50 0.68 1.35

Cost Factor: Bore Size

Bore Size 3in. 4in. 5in. 7 in. 9in.

Cost Factor f; min. 0.90 0.95 1.00 1.15 1.30
average 1.18 1.35

max. 1.20 1.40

Cost Factor: Pressure Rating

Pressure Rating 5 ksi 10 ksi 15 ksi
Cost Factor f, min. 0.95 1.00 1.15
average 1.18
max. 1.20

Cost Factor: Miscellaneous (Insulation)

Coise (X107 USD) min. = 100 | average = 200 | max. = 300
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6.4.3. Subsea Manifolds

Several concepts are applied to manifolds and associated equipment in a subsea
field development. Figure 6-13 shows the installation of a subsea manifold
from the moon-pool of the installation vessel. Some fields use templates
instead of manifolds. Actually the templates have the functions of a manifold.
PLET/PLEMs are subsea structures (simple manifolds) set at the end of
a pipeline that are used to connect rigid pipelines with other subsea structures,
such as a manifold or tree, through a jumper. This equipment is used to gather
and distribute the production fluids between wells and flowlines.

The costs of this type of equipment are mainly driven by the cost of the
manifold, because it generally makes up about 30% to 70% of the total
equipment cost, depending on the type and size of the field.

6.4.3.1. Cost-Driving Factors

The cost drivers for a subsea manifold are:
* Manifold type;

e Number of slots (2, 4, 6, 8, 10);

* Pressure rating;

* Temperature rating;

* Pipe size;

e Material class.

Figure 6-13 Subsea Manifold [8]
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Manifolds are usually designed with 2, 4, 6, 8, and sometimes 10 slots. The
number of slots mainly influences the size and weight of the structure, as does
the pipe size. In addition, the size of the manifold affects the installation.

Pressure ratings, usually 5, 10, and 15 ksi, mainly influence the pipe wall
thickness and the selection of the valves. Temperature ratings and material
class ratings are selected depending on the fluid characteristics. Temperature
influences the selection of the sealing material in the valves.

Both temperature ratings and material class ratings have limited eftects

on procurement COsts.

6.4.3.2. Cost Estimation Model
The cost of a typical manifold can be expressed as follows:

C=fitosfr s Co+ Cuis (6-7)

where
C: cost of the manifold;
f;: manifold type factor (cluster, PLEM);
fu: number-of=slot factor;
f: pipe size factor;
Cy: basic cost;
C,ise. miscellaneous cost not common to all manifolds.
The effects of pressure rating are incorporated into the pipe size factor:

Base Cost

Base Cost Co (x10° USD) Min. = 2.0 | Avg. = 3.0 | Max. = 4.0

Number of Slots/ 4 Type Cluster OD 10 in.
Headers

Base Materials Carbon steel Pressure 10 ksi

Cost Factor: Manifold Type

Manifold Type PLEM Cluster
Cost Factor f; Min. 0.50 1.00
Avg. 0.60
Max. 0.70

Cost Factor: Number of Slots (for Cluster Manifold)

Number of Slots 2 4 6 8 10
Cost Factor fy Min. 0.55 1.00 1.10 1.30 1.70
Avg. 0.70 1.30 1.50 2.00

Max. 0.85 1.50 1.70 2.30
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Cost Factor: Pipe Size

Pipe Size (OD) 8in. 10 in. 12 in. 16 in. 20 in.
Cost Factor f; Min. 0.90 1.00 1.02 1.10 1.15
Avg. 0.93 1.05 1.15 1.25
Max. 0.96 1.08 1.20 1.35

Cost Factor: Miscellaneous (Such as Insulation)

Conise (X107 USD) min. = 150 | average = 250 |max. = 350

6.4.4. Flowlines

Flowlines are used to connect the wellbore to the surface facility and allow
for any required service functions. They may transport oil or gas products,
lift gas, injection water, or chemicals and can provide for well testing.
Flowlines may be simple steel lines, individual flexible lines, or multiple
lines bundled in a carrier pipe. All may need to be insulated to avoid
problems associated with cooling of the production fluid as it travels along
the seafloor.

The cost of flowlines is usually calculated separately from the costs for
other subsea equipment. The estimation can be simply arrived at by
multiplying the length of the line and the unit cost. Installation costs are
discussed in Section 6.5.

6.4.4.1. Cost-Driving Factors

The main cost drivers for flowline procurement are:

*  Type (flexible, rigid);

* Size (diameter and wall thickness, based on pressure rating and
temperature rating);

e Material class;

* Coating;

* Length.

The steels applied in the offshore oil and gas industry vary from carbon

steels (API standards Grade B to Grade X70 and higher) to exotic steels

such as duplex. The higher grade steel obviously commands a higher

price. However, as the costs of producing high-grade steels have been

reduced, the general trend in the industry has been to use the higher

grade steels, typically subsea flowline grades X70 and X80 for nonsour

service and grades X65 and X70 with a wall thickness of up to 40 mm for

sour service.
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Flexible flowlines make the laying and connection operations relatively
easy and fast. Material costs for flexible lines are considerably higher than
that of conventional steel flowlines, but this may be offset by typically lower
installation costs.

High-pressure ratings require high-grade pipe materials, thus the cost
of steel increases for high-pressure projects. However, the increase in
grade may permit a reduction of pipeline wall thickness. This results in an
overall reduction of fabrication costs when using a high-grade steel
compared with a low-grade steel. The pressure rating—cost curve is shown
in Figure 6-14.

The factor of pressure rating is combined into pipe size factor.

6.4.4.2. Cost Estimation Model
Costs for flowlines in a subsea field can be expressed as:

C = ft 'fs * Cy * L+ Chisc (6_8)

where

fr: flowline type factor;

f: size factor;

C: basic cost per unit length (meter);

L: total length of the flowline (meter);

C,isc. miscellaneous cost associated with the flowline.

The effects of pressure ratings and temperature ratings are incorporated
into the size factor Note that for flexible pipe, the normal temperature
rating is <65°C (150°F). For a temperature rating > 65°C (150°F), the
price increases dramatically.
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Base Cost for Unit Length (meter)
Base Cost Cy (USD/meter) min. = 165 | average = 230 | max. = 295

Parameters:10-in. OD, 10 ksi (ANSI 2500), API 5L X65, rigid pipe

Base Cost Cy (USD/meter) min.= 1970 | average = 2300 | max. = 2620

Parameters: 5.625-in. OD, 6 ksi (ANSI 1500), flexible pipe.
Note: Flexible pipe has a big discount for length.

Cost Factor: Size

Rigid Size 4 in. 10 in. 12 in. 16 in. 20 in.
Cost Factor f; P90 0.15 1.00 1.20 1.60 2.20
P50 0.25 1.30 1.80 2.60
P10 0.35 1.40 2.00 3.00

Flexible Size 4in. 6.625 in. 8in. 10 in.
Cost Factor f; P90 0.50 1.00 1.10 1.70
P50 0.65 1.25 1.90
P10 0.80 1.40 2.10

Cost Factor: Miscellaneous (Coating)

Coating (USD/meter) 4 in. 10 in. 12 in. 16 in. 20 in.
Cost Factor C,,, P90 150 360 400 480 590
P50 180 460 500 600 720
P10 210 560 600 720 850

6.5. TESTING AND INSTALLATION COSTS

6.5.1. Testing Costs

Testing is a key part of subsea field development. It ensures that all equip-
ment meets the design specifications and functions properly, both individ-
ually and as a whole system. It also ensures quality, controls costs, and
maintains the schedule. Therefore, testing needs to be planned at a very early
stage of the project, and testing requirement needs to be written in the
contract or purchase order specifications. Poor planning for the testing
phase will delay the observation of nonconformities, aftect the project
schedule, and may cause major problems or delays.
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Testing includes a factory acceptance test (FAT), extended factory
acceptance test (EFAT), and system integration test (SIT). The intents of
these tests are as follows:

* Confirm that each individual assembly is fit for its intended purpose
and complies with its functional specifications, as set by vendor and
operator.

* Verify that each individual assembly interfaces and operates properly
with other components and assemblies of the system.

* Demonstrate that assemblies are interchangeable, if required.

* Demonstrate the ability to handle and install the assemblies under
simulated field conditions, if possible.

* Provide video and photographic records, if possible.

*  Document the performance.

* Provide training and familiarity.

A FAT is concerned with confirming the mechanical completion of
a discrete equipment vendor package prior to release from the
manufacturing facility for EFAT or SIT testing. A FAT is intended to prove
the performance of the discrete component, subassembly, or assembly. On
completion of the FAT, a system-level EFAT is performed on the subsea
equipment.

The cost for FAT testing is normally included in the equipment
procurement cost. The cost of an EFAT, when needed, is normally nego-
tiated between the vendor and the operator.

System integration can be broadly described as the interface between
various subsea systems. To ensure the whole system is interfacing properly
and functioning properly, a SIT is needed. The cost for a SIT includes the
following items:

* Tooling rent;

* Personnel (coordinator, technician, etc.);

* Support;

* Spare parts (may be included in the procurement cost).

The estimated costs for a key subsea equipment SIT are listed in
Table 6-2.

6.5.2. Installation Costs

Installation costs for a subsea field development project are a key part of the
whole CAPEX, especially for deepwater and remote areas. Planning for
the installation needs to be performed at a very early stage of the project in
order to determine the availability of an installation contractor and/or
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Table 6-2 SIT Costs
SIT Cost (x 10 USD) (per tree, including tooling/support) Min.  Avg. Max.

Tree and tubing hanger 100 200 300
Manifold 150 200 250
PLEM 50 100 150
Jumper 25 50 75

Umbilical 100 200 300
IWOCS 100 200 300
Connectors 8 10 12

installation vessel, as well as a suitable weather window. Also, the selection
of installation vessel/method and weather criteria affects the subsea
equipment design.

The following main aspects of installation need to be considered at the
scope selection and scope definition stages of subsea field development
projects:

*  Weather window;

*  Vessel availability and capability;

*  Weight and size of the equipment;
* Installation method;

* Special tooling.

Different types of subsea equipment have different weights and sizes and
require different installation methods and vessels. Generally the installation
costs for a subsea development are about 15% to 30% of the whole subsea
development CAPEX. The costs of subsea equipment installation include
four major components:
¢ Vessel mob/demob cost;

*  Vessel day rate and installation spread;
* Special tooling rent cost;
*  Cost associated with vessel downtime or standby waiting time.

The mob/demob costs range from a few hundred thousand dollars to
several million dollars depending on travel distance and vessel type.

The normal pipe-laying vessel laying speed is about 3 to 6 km (1.8 to
3.5 miles) per day. Welding time is about 3 to 10 minutes per joint
depending on diameter, wall thickness, and welding procedure. Winch
lowering speeds range from 10 to 30 m/s (30 to 100 ft/s) for deployment
(pay-out) and 6 to 20 m/s (20 to 60 ft/s) for recovery (pay-in).

For subsea tree installation, special tooling is required. For a horizontal
tree, the tooling rent cost is about USD $7000 to $11,000 per day. For
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Table 6-3 Day Rates for Different Vessel Types
Minimum Day Average Day Maximum Day

Vessel Type Rate ($ 000s) Rate (in 000s)  Rate (in 000s)
MODU-jack-up 200 350 500
MODU < 1500 m (5000 ft) 700 900 1100
MODU > 1500 m (5000 ft) 750 950 1050
Pipelay, shallow water 200 400 600
Pipelay, deepwater 800 1000 1200
HLV 250 400 550
MSV 40 80 120
AHV/AHT 70 85 100
oSV 20 30 40
Simple barge 10 15 20
ROV 35 50 65

Table 6-4 Typical Subsea Structure Installation Duration (5000 ft/1500 m WD)

Tasks Days
Preinstallation preparation 3-5
Sea fastening 5—7
Setup mooring 8—10

Installation (lifting, lowering, positioning,
and connecting)

Subsea tree

Manifold

Flowline (10 km)

Umbilical (10 km)

Jumper

Flying Lead

N~ NGRS N
|
N DD 00 00 LW W

a vertical tree, the tooling rent cost is about USD $3000 to $6000 per day.
In addition, for a horizontal tree, an additional subsea test tree (SSTT) is
required, which costs USD $4000 to $6000 per day. Tree installation
(lowering, positioning, and connecting) normally takes 2 to 4 days.

Table 6-3 shows the typical day rates for various vessels, and Table 6-4
lists some typical subsea equipment installation duration times.

6.6. PROJECT MANAGEMENT AND ENGINEERING COSTS

Project management and engineering costs are highly dependent on the
charge rate for each discipline’s managers and engineers. The charge rate is
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driven by market conditions. For North America and Europe, on average,
the hourly management rate ranges from $150 to $300, and the hourly
engineering rate ranges from $100 to $250.

The costs of management and engineering for equipment fabrication
and offshore installation are normally included in the equipment procure-
ment expenditure and installation contract cost.

The costs of management and engineering for an EPIC firm normally
adds up to about 5% to 8% of the total installed CAPEX.

6.7. SUBSEA OPERATION EXPENDITURES (OPEX)

An offshore well’s life includes five stages: planning, drilling, completion,
production, and abandonment. The production stage is the most important
stage because when oil and gas are being produced, revenues are being
generated. Normally a well’s production life is about 5 to 20 years.

During these years, both the planned operations and maintenance
(O&M) expenditures and the unplanned O&M expenditures are needed to
calculate life cycle costs. OPEX includes the operating costs to perform
“planned” recompletions. OPEX for these planned recompletions is the
intervention rig spread cost multiplied by the estimated recompletion time
for each recompletion. The number and timing of planned recompletions
are uniquely dependent on the site-specific reservoir characteristics and the
operator’s field development plan.

Each of the identified intervention procedures is broken into steps. The
duration of each step is estimated from the historical data. The non-
discounted OPEX associated with a recompletion is estimated as:

OPEX = (Intervention duration) X (Rig spread cost)

Figure 6-15 shows a distribution for the typical cost components of
OPEX for a deepwater development. The percentage of each cost
component of the total OPEX varies from company to company and
location to location. Cost distributions among OPEX components for
shallow-water development are similar to those for deepwater develop-
ments, except that the cost of product transportation is significantly lower.

6.8. LIFE CYCLE COST OF SUBSEA SYSTEM

Many cost components/aspects must be considered to determine the most
cost-effective subsea system for a particular site. The risks associated with
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0 WIWell Equipment Intervention (1%)
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O Production Well Equipment Intervention (2%)
B Production Well Intervention - Major (10%)
O Production Well Intervention - Minor (3%)
B Operator Insurance (11%)

@ Product Transportation (30%)

0O Production Activities (16%)

O Variable Chemicals (2%)

B Admin and General Overhead (4%)

Figure 6-15 Typical Cost Distribution of Deepwater OPEX [9]

blowouts are often an important factor during drilling/installation. Another
often overlooked important factor is the cost of subsea system component
failures. As oil exploration and production moves into deeper and deeper
water, the costs to repair subsea system component failures escalate

dramatically.

are

Therefore, besides CAPEX and OPEX, two other cost components
introduced for determining the total life cycle cost of a subsea system

[9]:

RISEX: risk costs associated with loss of well control (blowouts) during
installation, normal production operations, and during recompletions;
RAMEX: the reliability, availability, and maintainability costs associated
with subsea component failures.

Let’s also revisit the definitions of CAPEX and OPEX at this time:

CAPEX: capital costs of materials and installation of the subsea system.
Materials include subsea tress, pipelines, PLEMs, jumpers, umbilicals,
and controls systems. Installation costs include vessel spread costs
multiplied by the estimated installation time and for rental or purchase of
installation tools and equipment.

OPEX: operating costs to perform well intervention/workovers. The
number and timing of these activities are uniquely dependent on the
site-specific reservoir characteristics and operator’s field development

plan.
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The life cycle cost (LC) of a subsea system is calculated by:
LC = CAPEX + OPEX + RISEX + RAMEX (6-9)

6.8.1. RISEX

RISEX costs are calculated as the probability of uncontrolled leaks times
assumed consequences of the uncontrolled leaks:

RI = PoB * CoB (6-10)

where

RI: RISEX costs;

PoB: probability of blowout during lifetime;

CoB: cost of blowout.

Blowout of a well can happen during each mode of the subsea system:
drilling, completion, production, workovers, and recompletions. Thus, the
probability of a blowout during a well’s lifetime is the sum of each single
probability during each mode:

PoB = P(dri) + P(cpl) + P(prod) + Z P(wo) + Z P(re — cpl)
(6-11)

The cost of a subsea well control system failure (blowout) is made up of
several elements. Considering the pollution response, it is likely to be
different among different areas of the world. Table 6-5 shows this kind of
costs in the industry from last decades.

6.8.2. RAMEX

RAMEX costs are related to subsea component failures during a well’s
lifetime. A component failure requires the well to be shutdown, the
workover vessel to be deployed, and the failed component to be repaired.
Thus, the main costs will fall into two categories:
* The cost to repair the component, including the vessel spread cost;
* The lost production associated with one or more wells being down.
Actually, the repair cost of a failed component is also a workover cost,
which should be an item of OPEX. Normally, however, only the
“planned” intervention/workover activities are defined and the cost
estimated. With “unplanned” repairs, RAMEX costs are calculated by
multiplying the probability of a failure of the component (severe enough
to warrant a workover) by the average consequence cost associated with



Table 6-5 Cost of Blowouts in Different Geographic Areas [9]

Area Type of Incident Date Cost™($ MM) Type of Damage
North Sea Surface blowout 09/1980 16.1 Cost of cleanup
13.9 Redrilling costs
France Underground blowout on 02/1990 9.0 Redrilling costs
producing well 12.0 Cost of cleanup
GoM Underground blowout 07/1990 1.5 Cost of cleanup
Middle East Underground blowout when 1171990 40.0
drilling
Mexico Exploration and blowout 08/1991 16.6 Operator’s extra
expenditure
North Sea Blowout of high-pressure well 09/1991 12.25 Operator’s extra
during exploration drilling expenditure
GoM Blowout 02/1992 6.4 Operator’s extra cost
North Sea Underground blowout during 04/1992 17.0 Operator’s extra
exploration drilling expenditure
India Blowout during drilling 09/1992 55 Operator’s extra
expenditure
Vietnam Surface gas blowout followed by 02/1993 6.0 Redrilling costs
underground flow 54.0 Cost of the well
GoM Blowout 01/1994 7.5 Operator’s extra
expenditure
Philippines Blowout of exploration well 08/1995 6.0 Cost of the well
GoM Surface blowout of producing well 11/1995 20.0 Cost of wells and physical

(11 wells lost)

damage costs

*Note: The costs are based on the specific years. If considering the inflation rate, see Section 6.3.2.

98l
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1. Identify failed components

2. ldentify costs associated with each repair operation
3. Determine the frequency of component failures (probability)
4. Determine cost of each subsea component failure

Figure 6-16 RAMEX Cost Calculation Steps

the failure. The total RAMEX cost is the sum of all of the components’
RAMEXs:

RA=C, +C, (6-12)

where

RA: RAMEX cost;
C,: cost of repair (vessel spread cost and the component repair/change
cost);
C,;: lost production cost.

The procedures for calculating this cost are illustrated in the Figure 6-16.
The vessel spread costs are similar to the installation vessel costs; see

Section 6.5.2. For more information about failures of subsea equipment, see
Chapter 11.

LCWR

Production Rate (BOPD)

Toa Tan Life Time

Figure 6-17 Costs Due to Lost Production Time [10]
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Figure 6-17 illustrates the costs that arise as a result of lost production time
where TTF is time to failure, LCWR is lost capacity while waiting on rig,
Tra is the resource’s availability time (vessel), and Tap is the active repair
time.

The mean time to repair is dependent on the operation used to repair
the system. A repair operation is required for each component failure. Each
operation will have a corresponding vessel, depending on the scenario
(subsea system type or field layout; see Chapter 2).

From Figure 6-17, we can clearly see the production lost cost: the loss of
oil or gas production. Note that this cost is the sum of all of the individual
subsea wells.

6.9. CASE STUDY: SUBSEA SYSTEM CAPEX ESTIMATION

Too often, only CAPEX is estimated in detail on a sheet listing items
one by one (the WBS method). OPEX, RISEX, and RAMEX, in contrast,
depend largely on reservoir characteristics, specific subsea system designs,
and operating procedures. The flowchart shown in Figure 6-18 details the
CAPEX estimation steps in a feasibility study for a subsea field development.
Note that the data provided in this flowchart should be used carefully and
modified if necessary for each specific project.

We look now at an example of CAPEX estimation using the WBS
method and the steps illustrated in Figure 6-18.

Field Description

*  Region: Gulf of Mexico;

*  Water depth: 4500ft;

¢ Number of trees: 3;

* Subsea tie-back to a SPAR.
Main Equipment

¢ Three 5-in. X 2-in.10-ksi vertical tree systems;
¢ One manifold;

* Two production PLETS;

e One SUTA;

e 25,000-ft umbilical;

*  52,026-ft flowline.
Calculation Steps

* See Table 6-6.



Step 1

Step 2

Step 3

Step 4

Step 5

Step 6

Step 7
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Output

Based on:

. Field location

. Water depth

e Number of wells

. Well properties
Determine the field architecture

Field Layout

{

Based on:

. Field development plan/concept
Select the subsea equipment including:

. Type, and

Quantity

Estimate the total procurement cost Cp, and
e Add 2-4% for tax and tariff

e Add 2-4% for transportation cost

¢ Add 2-4% for sparing parts

Y

Total Equipment Cost:
Cp=(1+2-4%+2-4%+2-4%)C,

A

Based on:

®  Sclected subsea equipment

Estimate the cost of testing (FAT, EFAT, SIT) and offshore commissioning
(5-10% of Cg)

Cr=(5-10%) C¢

Based on:

. Field location

*  Subsea equipment size/weight

. availability of installation vessel

. Weather window

Estimate the cost of installation-Cy, including:

*  Mobilization/Demobilization

. Day rate x Time duration

*  Tooling rent cost

Add another 20-30% for duration considering unknown weather downtime

Crasa=(1+20-30%) C;

Estimate the cost of project management and engineering:
Cp=5-8%*Croaan

Cp=5-8%"*Cpsuan

'

Estimate the cost of owner’s insurance and project management:
Co=7-11%*Castant

Co=T7-11%*Cnstan

Sub Total CAPEX:
Csup=CetCrtCinseantCptCo

Based on the level of confidence, add another 10-20% for the cost
contingency and allowance.

CAPEX= (1+10-20%)Cup

X NN N

Figure 6-18 CAPEX Calculation Steps
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Table 6-6 CAPEX Estimation Example (2007 Data)

1. Subsea Equipment Cost

Subsea Trees Unit Cost
Subsea Tree Assembly 3 $4,518,302
(each) 5-inch X 2-inch 10-ksi vertical tree 1 included
assembly
Retrievable choke assembly 1 included
Tubing hanger 5-in. 10 ksi 1 included
High-pressure tree cap 1 included
5-in. tubing head spool assembly 1 included
Insulation 1 included
Subsea Hardware
Subsea Manifold
(EE trim) 1 $5,760,826
Suction Pile
Suction pile for manifold 1 $1,000,000
Production PLET 2 $3,468,368
Production Tree Jumpers 3 $975,174
Pigging Loop 1 $431,555
Production PLET Jumpers 2 $1,796,872
Flying Leads $1,247,031
Hydraulic flying lead SUTA to tree
Electrical flying lead SUTA to tree
Hydraulic flying lead SCM to manifold
Electrical flying lead SUTA to manifold
Other Subsea Hardware
Multiphase Flow Meter 1 $924,250
Controls
Topsides Equipment 1 $2,037,000
Hydraulic power unit (include gas lift 1 $569,948
outputs)
Master control station (with serial links 1 $204,007
to OCS)
Topside umbilical termination assembly 1 $156,749
(TUTA) (split)
Electrical power unit (incl. UPS) (Note: 1 included above
Check capacity of existing UPS.)
Tree-Mounted Controls 3 $5,108,940
Manifold Equipments 1 $1,104,163

SUTA

$2,764,804
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Table 6-6 CAPEX Estimation Example (2007 Data)—cont'd
1. Subsea Equipment Cost
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Subsea Trees Unit Cost
Umbilicals
Umbilical $11,606,659
25,000ft Length
Risers
Riser $6,987,752
Prod. 8.625-in. X 0.906-in. X 65
SCR, 2 x 7500 ft
Flowlines
Flowline $4,743,849
Dual 10-in. SMLS API 5L X-65,
flowline, 52,026 ft
Total Procurement Cost $54,264,324
2, Testing Cost
Subsea Hardware FAT,EFAT $27,132,162
Tree SIT & Commissioning $875,000
Manifold & PLET SIT $565,499
Control System SIT $237,786
Total Testing Cost $28,810,447
3. Installation Cost
Tree 3 days x $1000k per day $3,000,000
Manifold & Other hardware $48,153
Jumpers (1 day per jumper 4+ downtime) $32,102
ROV Vessel Support $1,518,000
Other Installation Cost $862,000
Pipe-lay 52,0260ft $43,139,000
Total Installation Cost $63,179,032
4. Engineering & Project Management Cost
Total Engineering Cost $4,738,427
5. Insurance
Total Insurance Cost $6,002,008
Sub-Total of CAPEX $156,994,238
6. Contigency and Allowance
Total Allowance Cost $12,559,539

Total Estimated CAPEX: $169,553,778
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7.1. INTRODUCTION

The subsea control system operates the valves and chokes on subsea trees,
manifold/templates, and pipelines. It also receives and transmits the data
between the surface and subsea, which helps engineers monitoring the
status of production by indicating temperatures, pressures, sand detection,
etc. The location of control devices is extremely important. Careful
consideration to the location of controls can result in a reduction in the
amount of piping and cabling and the number of connections required,
which in turn influences the subsea installation and retrieval tasks.

Subsea Engineering Handbook © 2010 Elsevier Inc.
ISBN 978-1-85617-689-7, doi:10.1016/B978-1-85617-689-7.10007-X All rights reserved. 193
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Figure 7-1 Subsea Control System Overview (Courtesy of FMC)

Figure 7-1 gives an overview of a subsea control system, and Figure 7-2
shows the main building blocks in a typical multiplex electrohydraulic
control system. The typical control elements include the following:

* Topside: Electrical power unit, hydraulic power unit, master control
station, topside umbilical termination assembly, etc.;

Hydraulic i Master
Power Control
. Unit = Station
TOpS ide
Electrical Topside
Power Junction
Unit Box

Subsea Control Module

Subsea Electronics Module
(SEM)
— e
EEZ‘Z[E a—— Umbilical
Termination

Unit

Umbilical

Subsea

Actuators  Sensors

Subsea Tree/Manifold

Figure 7-2 Subsea Control System Topside and Subsea Equipment [1]
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*  Subsea: umbilicals, subsea umbilical termination assembly, electrical and
hydraulic flying leads, subsea control module, etc.

7.2. TYPES OF CONTROL SYSTEMS

The fundamental purpose of a control system is to open and close valves.
However, other properties, such as instrumentation, provide chock control
and important diagnostics.

The five types of fundamental control systems are:

* Direct hydraulic;

* Piloted hydraulic;

* Sequenced hydraulic;

*  Multiplex electrohydraulic;
*  All-electric.

Since the 1960s, the evolution of control system technology has pro-
ceeded from direct hydraulic to piloted and sequenced systems to provide
improved response time and allow for long-distance tie-backs. Today, most
subsea developments use the multiplex electrohydraulic control system. This
is essentially a subsea computer/communication system consisting of
hydraulic directional control valves. These electrically actuated valves allow
stored pressure within subsea accumulators to be routed to individual
hydraulic lines and onward to actuated gate valves and chokes on subsea
production equipment. All-electric control systems are an attractive addition
and an alternative to existing electrohydraulic systems. The all-electric subsea
electric controls will reduce the cost of topside power generation and subsea
umbilicals [2].

7.2.1. Direct Hydraulic Control System

The simplest remotely operated system for control and monitoring of
a subsea system is the direct hydraulic control system. In this system each
valve actuator is controlled through its own hydraulic line. This system is
typically used for workover applications and small systems, and is espe-
cially common in single-satellite oil/gas fields of distances less than 15 km
(9.3 miles). The principle of a direct hydraulic control system is shown in
Figure 7-3.

When the operator sets the control valve to open, the direct hydraulic
pressure control fluid flows to the actuator. To close the valve, the operator
sets the wellhead control panel valve to the closed position, venting
hydraulic fluid from the actuator back to the reservoir.



196

Y. Bai and Q. Bai

Hydraulic Power Unit

Ir _______________ 1 Retun
1
: Acwmulalorl
|
i |
|
I | Reservoir | Wellhead
I | Control
| I =
| L ! - [ 7 Panel
| I |
| | |
| | e :
: Pump | I ‘J |
b e e | I
] | __1
™ N N e e e
Umbilical

|______ |

Subsea

I
|
| ACTUATOR

Structures }
I
|

I
I
I
I
I
I
I
I
Figure 7-3 Direct Hydraulic Control System [1]

The major components of the system are as follows:

Hydraulic power unit (HPU): The HPU supplies filtered and regulated
hydraulic fluid to the subsea installations; it also applies the pressure that
drives motors, cylinders, and other complementary parts of a hydraulic
system. Unlike standard pumps, these power units use multistage pres-
surization networks to move fluid, and they often incorporate temper-
ature control devices.

Wellhead control panel: The control panel is arranged for initiating pre-
determined commands to the wellheads. A logic circuit is connected to
provide an output control signal designated by the control panel.
Control umbilical: A control umbilical connects topside equipment to
subsea equipment. The control umbilical can transfer high- and low-
pressure fluid supplies, chemical injection fluids, annulus fluids, and
electrical power/signals.

Subsea tree: The subsea tree is the primary well control module. It
provides a mechanism for flow control and well entry.

The prominent features, advantages, and disadvantages of direct

hydraulic control systems are summarized in Table 7-1.
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Table 7-1 Prominent Features, Advantages, and Disadvantages of Direct Hydraulic
Control Systems

Advantages Disadvantages Prominent Features
¢ Minimum subsea e Very slow e Few system
equipment * Large number of components
* Low cost hoses + Simple operating
* Reliability is high * Limited monitoring theory
because the critical capabilities and ¢ Minimum subsea
components distance limitations equipment
are on the surface due to long response ¢ Inherent reliability
* Maintenance access is time and umbilical
very good because all costs
critical components * Limited operational
are on the surface flexibility

* Large umbilical

7.2.2. Piloted Hydraulic Control System

Piloted systems have a dedicated hydraulic pilot supply (hose) for each
subsea function and a hydraulic supply line to a simple subsea control
module (SCM). At the SCM, a hydraulic accumulator provides a reserve of
hydraulic energy to speed up the tree valve opening response time. This
system is typically used in a single satellite of short to medium distances (4 to
25 km (2.5 to 15.5 miles)). The principle of a piloted hydraulic control
system is shown in Figure 7-4.

To open the valve, the operator sets the control valve mounted on the
wellhead control panel open, and the control hydraulic fluid has a pilot valve
mounted on the SCM. The pilot valve opens to allow fluid to flow from the
accumulator in the SCM into the tree valve actuator. To close the tree valve,
the operator sets the wellhead control panel valve to the closed position,
venting hydraulic fluid from the pilot valve, which allows the valve actuator
to vent through the pilot valve back to the reservoir. The prominent
features, advantages, and disadvantages of piloted hydraulic control systems
are summarized in Table 7-2.

7.2.3. Sequenced Hydraulic Control System

The sequenced hydraulic control system consists of several sequence valves
and accumulators. Various complicated program actions are designed by
series-parallel for sequence valves. The principle of a sequenced hydraulic
control system is shown in Figure 7-5.
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Table 7-2 Prominent Features, Advantages, and Disadvantages of Piloted Hydraulic
Control Systems

Prominent
Advantages Disadvantages Features
* Low cost +  Sdill slow e Improved
* Reliability is high because ~ * Large number of response time
the critical components hoses +  Slight reduction
are on the surface * Limitation in in umbilical size
* Maintenance access is good distance because »  Excellent backup
because the majority of the response is slow configuration
components are on the * No subsea
surface monitoring because
* Proven and simple subsea there are no
equipment electrical signals

The operation of a sequenced system is nearly the same as that for
a piloted hydraulic system. To open the tree valve, the operator adjusts the
pressure regulator in the wellhead control panel. The pilot valves in the
SCM are set up so that they open at different pressures, shown as P1, P2, and
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P3 in Figure 7-5, where P1 < P2 < P3, so that as the pilot pressure is
increased, the tree valves open in order of pressure: valve 1, valve 2, valve 3.

The prominent features, advantages, and disadvantages of sequenced
hydraulic control systems are shown in Table 7-3.

7.2.4. Multiplexed Electrohydraulic Control System

The master control station (MCS) is implemented by a computer, and
communicates with the microprocessor in the subsea electronics module
(SEM), which is the communication link with the MCS and performs MCS
commanded functions. The multiplexed electrohydraulic system allows
many SCMs to be connected to the same communications, electrical, and
hydraulic supply lines. The result is that many wells can be controlled via
one simple umbilical, which is terminated at a subsea distribution unit
(SDU). From the SDU, the connections to the individual wells and SCMs
are made with jumper assemblies.

The cost of a multiplexed electrohydraulic system is high due to the
electronics within the SEM, the addition of the computer topside, and the
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Table 7-3 Prominent Features, Advantages, and Disadvantages of Sequenced
Hydraulic Control Systems

Advantages Disadvantages Prominent Features

* Improved system * Slow operation e Improved response
response compared * The sequence of time
to direct hydraulic valve opening and * Capable of complex
control and piloted closing is fixed control operations
hydraulic control * Distances are ¢ Substantial reduction
systems limited because in umbilical size

*  Reduced umbilical response is slow *  Excellent backup
compared to direct *  No subsea configuration
hydraulic control monitoring because ¢  Excellent simple-
and piloted hydraulic there are no sequence potential
control systems electrical signals

*  Small number of * Increase in number
hydraulic hoses of surface components

e Increase in number
of subsea components

required computer software. These costs, however, are balanced against
smaller and less complex umbilicals and advancing technology, reducing the
cost of the electronics. This system is typically used in complex fields of long
distances (more than 5 km (3.1 miles)). The principle of a multiplexed
electrohydraulic control system is shown in Figure 7-6.

To open a tree valve, the operator operates the MCS to request the valve
movement, initiating a coded message to be sent from the MCS to the SEM,
which will interpret the message and energize the appropriate solenoid-
operated pilot valve, allowing hydraulic fluid to flow into the tree valve
actuator. During periods when there are no valve operations to be made, the
MCS polls the SEM to retrieve sensor data, which is then stored in the MCS
memory.

The prominent features, advantages, and disadvantages of a multiplexed
electrohydraulic control system are shown in Table 7-4.

7.2.5. All-Electric Control System

The all-electric control system requires conversion from a system where
control is based on conventional hydraulic control of subsea components to
an all-electric—based system. The elimination of hydraulics means that any
control system commands are sent in rapid succession without the usual lag
time required for accumulators to charge. This system is typically used in
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Figure 7-6 Multiplex Electrohydraulic Control System [1]

complex fields and marginal fields of long distances (usually greater than
5 km) and for high-pressure and high-temperature wells. The principle of
an all-electric control system is shown in Figure 7-7.

To open a tree valve, the operator operates the MCS to request the valve
movement. The MCS sends a coded message to the SEM, which interprets
the message and energizes the appropriate relay operated pilot relay,
allowing electric power to energize the tree valve actuator.

The benefits of using all-electric control systems are very clear. An all-
electric control system is expected to be simpler compared to a conventional
electrohydraulic control system. It is favorable to use when developing
marginal fields at great distances from a processing facility because of the
lower cost of umbilicals, and it also provides solutions to problems associated
with high-pressure and high-temperature wells because there is no need for
hydraulic fluid. Further, it provides a higher degree of flexibility when
expanding an existing system and when introducing new equipment into
the system. Finally, the removal of the hydraulic system omits environmental
and economic problems related to the leakage of hydraulic control fluids and
the complexity of working with hydraulics.
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Table 7-4 Prominent Features, Advantages, and Disadvantages of Multiplex
Electrohydraulic Control Systems
Advantages

Disadvantages

Prominent Features

Give good response

times over long distances

Smaller umbilical
diameter

Allows control of
many valves/wells via
a single
communication line
Redundancy is
easily built in
Enhanced
monitoring of
operation and
system diagnostics
Ideal for unmanned
platform or complex
reservoirs

Able to supply

high volume of

data feedback

No operational
limitations

High level of system
complexity
Requires subsea
electrical connectors
Increase in surface
components
Increase in subsea
components
Recharging of the
hydraulic supply
over such a long
distance

Hydraulic fluid
cleanliness

Materials
compatibility
Limitations over
long distance
tie-backs

Real-time system
response

Virtually no distance
limitations
Maximum reduction
in umbilical size
Subsea status
information available
High level of
operational flexibility

7.3. TOPSIDE EQUIPMENT

The following subsea control system components should be located on the
host facility (topside):
Master control station, including the human/machine interface;

Electrical power unit;
Hydraulic power unit;

Topside umbilical termination assembly.

7.3.1. Master Control Station (MCS)

The MCS is necessary for any electrohydraulic multiplexed subsea control

system. It provides the interface between the operator and the subsea equip-

ment. Because the system operates using electronic messages between the

surface and subsea equipment (SCM, sensors, etc.), some form of commu-

nication subsystem is required in it. The MCS interfaces with the topside

equipment via a supervisory control network. Functions include executing
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Figure 7-7 All-Electric Control System [1]

safety shutdown, subsea well and manifold control, and data acquisition. The
operator interfaces with the MCS through a human/machine interface
(HMI), which comprises a keyboard and a visual display. A separate HMI may
be provided for downhole sensors and their associated electronic equipment.
Figure 7-8 shows a single MCS; sometimes dual MCSs are used.

Figure 7-8 Mater Control Station (MCS)
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Figure 7-9 An Example of a Well Status Display on MCS (Courtesy of Cameron)

The functions of an MCS usually include the following operating
modes:
e Tree valve control;
¢ Choke control;
* Subsea sensor monitoring/fast scan;
e Interlocks;
* Alarm announcements;
o  Workover;
*  Emergency shutdown;
*  Well test management;
* Hydrate region warning;
* Trends/historical data reporting and data logging.
The MCS is typically made up of a number of units, including
computers, displays, and controls. Figure 7-9 illustrates an example of well
status being displayed on an MCS computer.

7.3.2. Electrical Power Unit (EPU)

Any electrohydraulic multiplexed subsea control system requires a topside
unit to control and provide the necessary power to the subsea equipment.
The EPU shown in Figure 7-10 provides conditioned electrical power
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Figure 7-10 Electrical Power Unit (EPU)

to the topside and subsea system components. The EPU supplies dual,
isolated, single-phase power for the subsea system through the composite
service umbilical, together with power supply modules for the MCS
and HPU.

The EPU supplies electrical power at the desired voltage and frequency
to subsea users. Power transmission is performed via the electrical umbilical
and the subsea electrical distribution system.

For further information on EPUs, see Chapter 8.

7.3.3. Hydraulic Power Unit (HPU)

The HPU shown in Figure 7-11 provides a stable and clean supply of
hydraulic fluid to the remotely operated subsea valves. The fluid is supplied
via the umbilical to the subsea hydraulic distribution system, and to the
subsea control module (SCM) to operate subsea valve actuators.

The HPU supplies the necessary hydraulic fluid and comprises, among
others:
* Hydraulic pump aggregate;
* Hydraulic tank;
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Figure 7-11 Hydraulic Power Unit (HPU) (Courtesy of Oceaneering)

* Eventual pressure compensation system if the HPU is running
submerged;

* Main filters and system pressure valves.
For more information about HPUs, see Chapter 8.

7.4. SUBSEA CONTROL MODULE MOUNTING BASE
(SCMMB)

The SCMMB shown in Figure 7-12 is the interface between the SCM and
the subsea Christmas tree/manifold valves and remote sensors. It is usually
a welded structure, bolted and earth bonded to the frame of a subsea tree or
manifold.

Figure 7-12 Typical SCMMB (Courtesy of FMC)
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The vertical face on the side of the SCMMB is the interface with the
incoming connections: electrical couplers for power and signals as well as the
hydraulic couplers for low-pressure (LP) and high-pressure (HP) supplies.

The SCMMB will have course alignment and fine alignment adjust-
ments for locating the SCM. For fine location via a guide pin, the SCM will
not land if the orientation is incorrect. For self-aligning SCMs, a central
helix will automatically rotate the SCM to the correct orientation before it
is able to land.

7.5. SUBSEA CONTROL MODULE (SCM)

The SCM is an independently retrievable unit. SCMs are commonly used
to provide well control functions during the production phase of subsea oil
and gas production. Figure 7-13 shows a typical SCM.
Typical well control functions and monitoring provided by the SCM are
as follows:
* Actuation of fail-safe return production tree actuators and downhole
safety valves;
* Actuation of flow control choke valves, shutoff valves, etc.;
e Actuation of manifold diverter valves, shutoff valves, etc.;
* Actuation of chemical injection valves;

Lifting Adapter
Anti-rotation Guide Pin
Latching Dogs

Hyd. Couplers

Figure 7-13 Typical SCM (Courtesy of FMC)
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* Actuation and monitoring of surface-controlled reservoir analysis and
monitoring systems, sliding sleeve, choke valves;

*  Monitoring of downhole pressure, temperature, and flow rates;

* Monitoring of sand probes and production tree and manifold pressures,
temperatures, and choke positions.

7.5.1. SCM Components

The typical SCM receives electrical power, communication signals, and
hydraulic power supplies from surface control equipment. Figure 7-14
shows typical SCM components. The subsea control module and produc-
tion tree are generally located in a remote location relative to the surface
control equipment. Redundant supplies of communication signals and
electrical and hydraulic power are transmitted through umbilical hoses and
cables ranging from 1000 ft to several miles in length, linking surface
equipment to subsea equipment. Electronics equipment located inside the
SCM conditions the electrical power, processes communications signals,
transmits status, and distributes power to solenoid piloting valves, pressure
transducers, and temperature transducers.

The subsea electrical module (SEM) is fed with AC power directly from
the EPU. It normally incorporates two AC-DC converters and output to
DC busbars (typically 24 and 5 V). Actuation of the electrohydraulic valves

Lockdown
Mechanism

Accumulators

Subsea
Electronics

Module Control Valves

and Manifolds

Hydraulic
Couplings

+«——— | atching Dogs

Figure 7-14 Typical SCM Components [1]
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Figure 7-15 Subsea Electrical Module

is tapped into a 24- busbar, while the sensors are tapped into a 5-V busbar.
An example of an SEM is shown in Figure 7-15.

Low-flow-rate solenoid piloting valves are typically used to pilot high-
flow-rate control valves. These control valves transmit hydraulic power to
end devices such as subsea production tree valve actuators, choke valves, and
downbhole safety valves. The status condition of control valves and their end
devices is read by pressure transducers located on the output circuit of the
control valves.

Auxiliary equipment inside the typical SCM consists of hydraulic
accumulators for hydraulic power storage, hydraulic filters for the reduction
of fluid particulates, electronics vessels, and a pressure/temperature
compensation system. Previous devices have used an oil-filled chamber to
compensate for hydrostatic pressure increases outside of the device during
use to keep seawater away from cable assemblies.

The SCM is typically provided with a latching mechanism that extends
through the body of the SCM and that has retractable and extendable dogs
or cams thereon to engage a mating receptacle in a base plate [3].

7.5.2. SCM Control Mode Description

The SCM utilizes single LP and HP hydraulics, as shown in Figure 7-16,
supplied from the umbilical system. Each supply has a “last chance” filter
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before supply is manifolded to the main supply and pilot supply ports of the
solenoid-operated pilot valves.

The LP supply has an accumulator that is mounted internally to the
SCM. The HP supply may also have an accumulator. A pressure transducer
measures the HP and LP supply pressures for display at the MCS. As shown
in Figure 7-16, there are four pilot valves: three on the LP for tree valves and
choke, and one on the HP for the downhole safety valve (DHSV), usually
referred to the surface-controlled subsurface safety valve (SCSSV). The
hydraulic return line has a nonreturn valve to vent used fluid to the sea and
prevent seawater ingress.

7.5.2.1. Valve Actuation

Most of the pilot valves have two solenoids to operate them, one to open
and one to close (see Figure 7-17). The solenoids are driven by the solenoid
drivers in the SEM.

To open a tree valve, the appropriate solenoid is commanded from the
MCS, and the microprocessor in the SEM activates the solenoid driver,
which energizes the open solenoid for 2 sec. (typically; this may be adjusted
at the MCS). This allows hydraulic fluid to flow into the function line to the
tree valve actuator. The pressure in this line will rise very quickly to a value
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Figure 7-17 SCM Mode-Valve Actuation [1]

that allows the valve to latch open hydraulically. Thereafter, the valve will
remain open as long as the hydraulic supply pressure remains above about
70 bar.

To close a tree valve, the close solenoid is energized in a similar manner
to the open solenoid. This causes the spool in the pilot valve to move,
venting the hydraulic fluid from the tree valve actuator. The used fluid is
vented to sea via a nonreturn valve.

7.5.2.2. Choke Operation
The choke has two hydraulic actuators, one to open and one to close, that
move the choke via a pawl and ratchet mechanism.

The choke is moved by applying a series of hydraulic pressure pulses to
the appropriate actuator. On each pressurize/vent cycle, the choke will
move by one step. To provide these pressure pulses, the SCM has two pilot
valves, one for opening the choke, and one for closing the choke. These
valves are not hydraulically latched and will only pass hydraulic fluid when
the solenoid is energized. Figure 7-18 shows an SCM mode-choke oper-
ation chart.
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To operate the choke, the MCS sends a series of commands to the SCM.
For example, if the operator wishes to move the choke by 20 steps, the MCS
will send 20 appropriately timed valve commands to the SCM to energize
the appropriate solenoid.

7.6. SUBSEA TRANSDUCERS/SENSORS

Subsea sensors are at multiple locations on the trees, manifold, and flowlines.

Figure 7-19 shows the subsea transducers/sensors’ locations on a subsea tree.

Tree-mounted pressure sensors and temperature sensors measure upstream

and downstream of the chokes. Software and electronics in the SCMs

compile sensor data and system status information with unique addresses

and time-stamp validations to transmit to the topside MCS as requested.
Various transducers and sensors are used in a subsea production system:

* Pressure transducer;

* Temperature transducer;

* Combined pressure and temperature transducer;

* Choke position indicator;

*  Downhole pressure temperature transducer;

e Sand detector;
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* Erosion detection;
* Pig detector.

7.6.1. Pressure Transducer (PT)

Pressure transducers, as shown in Figure 7-20, are typical subsea sensors
located on a subsea tree, manifold, etc.. A subsea PT typically operates using
the force-balance technique, in which the current required by a coil to resist
the movement of the detecting diaphragm gives a measure of the applied
pressure. The diaphragm therefore does not actually deform; hence, devices
can be built to withstand high pressures. Such devices can achieve an

Figure 7-20 Pressure Transducers (PT)
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accuracy of £0.15%, although the output current circuitry may reduce this
to an overall error band of around £0.5% of full scale.

Because pressure transducers are flange mounted, they cannot be
removed subsea if they fail. It is possible, however, to specify a transducer
with dual gauges in one housing, providing a dual redundant sensor.

7.6.2. Temperature Transducer (TT)

Some TTs operate by measuring the output of a thermocouple, which is
a simple device whose output is proportional to the difference in temper-
ature between a hot and a cold junction. The hot junction is the one
measuring the process, and the cold junction is at the head itself.

Temperature transducers, as shown in Figure 7-21, present somewhat of’
a dilemma with regard to their installation. In theory, the sensing element
should be as close to the process fluid as possible. However, if the sensor
were simply fitted into the production bore, there would be no other
physical barrier between the process and the environment, other than the
sensor itself. The usual approach therefore is to install a thermowell or use
a pocket drilled into the tree block.

7.6.3. Pressure/Temperature Transducer (PTT)

A sensor design is available in which pressure and temperature elements are
combined into one package. In this design, the temperature sensor is located
in a probe, which is designed to be flush mounted into the process

Figure 7-21 Temperature Transducers (TT)
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pipework. This also helps reduce errors due to hydrate formation. For
sensors upstream of the production master valve, regulations may require
that there be one or two block valves before the sensor, so, although the
pressure measurement is unaffected, the temperature measurement may be
subject to thermal inertia depending on its location.

7.6.4. Sand Detector

Detecting sand in the produced fluids can be an important part of
a proactive strategy for:

* Managing short-term damage of vulnerable equipment (e.g., chokes);

* Managing long-term damage of pipe/flowline;

*  Warning of reservoir collapse;

* Preventing separator level control problems.

The detector works either by monitoring the noise generated by sand
impacts on a solid surface or by measuring the erosion damage of a target
inserted into the flow. This leads to two types: acoustic and electrical
detectors. Figure 7-22 shows acoustic sand detectors. Acoustic signals
generated by the particles impinging on the walls of piping are monitored by
the detector, which is usually installed immediately past a bend of the
piping. However, the accuracy is affected by the noise of flowlines or
pumps. The electrical detector is based on measuring the change of elec-
trical resistance of thin sensing elements, which can be eroded by sand.

Figure 7-22 Acoustic Sand Detectors
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The system reads the erosive effect directly with high accuracy. Software
tools can be used to predict the worst case erosion on critical pipe elements
such as chokes.

7.7. HIGH-INTEGRITY PRESSURE PROTECTION SYSTEM
(HIPPS)

The HIPPS is a specific application of a safety instrumented system (SIS)
designed in accordance with IEC 61508 [4]. The function of a HIPPS is to
protect the downstream equipment against overpressure by closing the
source. Usually this is done by timely closing of one or more dedicated
safety shutoft valves to prevent further pressure rise of the piping down-
stream from those valves. A HIPPS is also commonly referred to as a “high-
integrity pipeline protection system,” because many HIPPS design/cost
studies are associated with field layout pipeline/flowline designs [5]. Figure 7-
23 shows how a HIPPS is applied in a subsea field development.

Application of HIPPS allows for the use of a lower pressure rated
flowline compared to the wellhead and tree equipment. Because length,
wall thickness, and pressure ratings are the major cost-driving factors for
flowlines, the flowline can be an expensive item in subsea field develop-
ment. Because a subsea HIPPS is installed upstream of the flowline, the
design pressure of it can be lower than the well shutdown pressure. Thus the
wall thickness can be reduced, which directly cuts its cost.

Figure 7-24 shows a subsea HIPPS philosophy chart. The HIPPS is
designed as a system that detects rising pressure in a flowline and quickly
shuts one or more isolation barrier valves before the pressure can rise too
high. This requires a very reliable and highly available system as well as a fast-
acting system. Therefore, the main components of a HIPPS are as follows:
o Pressure (and other) transmitters;

* Logic;
* Redundant barrier valves.

HIPPS at this

/ end
I Reduced wall
\hickness _

Figure 7-23 HIPPS Layout in Subsea Field (Courtesy of Vetco Gray)
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Topside equipment will be needed to supply the necessary electrical and

hydraulic power, which will be transmitted to the subsea equipment via an

umbilical. Subsea equipment located adjacent to the barrier valves will

provide the actual detection and actuation mechanisms. A second HIPPS

barrier valve is also monitored on either side by pressure transmitters, which

provides redundancy in case of failure or leakage of the first valve.

The topsides equipment comprises:
Master control system;

Electrical power unit;
Uninterruptible power supply (UPS);
Hydraulic power unit.

The subsea equipment comprises:

Umbilical and termination/distribution unit;

HIPPS subsea control module and mounting base;

SAM and mounting base;

Hydraulic jumpers;

Process barrier valves and position indicators;

Maintenance, venting, and test valves.

To ensure availability and prevent erroneous shutdowns, usually more

than one transmitter is employed in a “two out of three” (2003) voting

(triplicate) configuration, and different makes of sensor can be used to avoid

common fault modes. Either the transmitters themselves and/or the detec-

tion logic will act in such a way that a failed transmitter is seen as a “high”

pressure and therefore trips the system. Figure 7-25 shows a 2003 voting loop.
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The control hardware monitors the transmitters and closes the barrier
valves when high pressure is detected. The detection and activation system is
inevitably an electronic system, and it should be independent of any other
platform or subsea system. This usually results in use of a dedicated subsea
controller thatis located in an SCM adjacent to the barrier valves themselves.
The HIPPS control module (HCM) monitors the transmitters and closes the
valves in the event excessive pressure is detected. This operates via a certified
fixed-logic electronic system and is not dependent on microprocessors or
links to the surface. Thus, each trip is preset and cannot be changed without
physical access to the controller. This requires careful attention to hydraulic
design to ensure pulses do not inadvertently trip the system.

Figures 7-25 and 7-26 show two typical subsea HIPPS layouts: single-
well tie-back and manifold/template tie-back. Note that the HIPPS isola-
tion barrier valves are controlled by the HCM, which is located in the SCM.

7.8. SUBSEA PRODUCTION CONTROL SYSTEM (SPCS)
As illustrated in Figures 7-28 and 7-29, the SPCS generally can be divided

into three main sections:
* The equipment installed on the surface;
¢ The umbilical and its terminations;
* The equipment installed on the subsea Christmas tree.

Because the components of a subsea production system are inaccessible
for operator intervention and must work together in a coordinated manner,
it is necessary to design an integrated control system that works remotely.
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Figure 7-26 Single-Well Tie-Back HIPPS Control System (Courtesy of Vetco Gray)

That is the subsea production control system. The functions of an SPCS

include the following:

Opening and closing subsea Christmas tree production, annulus, and
crossover valves;

Opening and closing SCSSVs;

Opening and closing subsea production manifold flowline valves and
pigging valves;

Opening and closing chemical injection valves;

Adjusting subsea production chokes;

Monitoring temperature, pressure, flow rate, and some other data from
tree-mounted, manifold-mounted, or downhole instrumentation.
Generally, there are four types of subsea production control systems:
Direct hydraulic (DH) control system;

Piloted hydraulic (PH) control system;

Electrohydraulic (EH) piloted control system;

Electrohydraulic multiplexed (EH-MUX) control system.
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Figure 7-27 Manifold Tie-Back HIPPS Control System (Courtesy of Vetco Gray)

A DH control system is the simplest and cheapest production control
system. It consists of a topside HPU with one dedicated control line for each
remotely actuate valve on the subsea Christmas tree. This type of control
system is recommended for a subsea production system with one or two well
tie-backs that is located within 3 miles of the host platform.

A PH control system is similar to a DH control system except that the
valves that require fast closing times will have a pilot valve and will vent to
the sea on closing.

An EH piloted control system is used for medium-offset subsea
tie-backs. It consists of a topside electrical and hydraulic control system
tied to one or more service umbilicals to the field. Each subsea Christmas
tree and manifold has an SCM that takes LP and HP supplies and
directs them to local valves when commanded to do so by the topside
equipment.
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An EH-MUX control system is used for medium- to long-oftset subsea
tie-backs. It consists of a topside electrical and hydraulic control system tied
through a service umbilical to one or more subsea Christmas trees. Each tree
and manifold has an SCM, which receives the multiplexed electrical control
signals and LP and HP hydraulic supplies, which are directed to tree- or
manifold-mounted valves or other equipment. This system is common in
large multiwell deepwater developments. The main advantage is the use of
a multiplexed electrical control signal over a single pair of conductors,
resulting in a smaller control umbilical, which accommodates future
expansion easily and reduces umbilical costs significantly.

7.9. INSTALLATION AND WORKOVER CONTROL SYSTEM
(IWOCS)

As illustrated in Figure 7-30, the main functions of the IWOCS are as

follows:

* Control and monitor subsea equipment during installation, retrieval,
and workover.
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Figure 7-30 IWOCS
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* Control and monitor downhole equipment during completion, flow
testing, and workover.

* Log data during completion, flow testing, and workover operations.

¢ Test manifolds and/or PLEMs during installation, if applicable.
Because the IWOCS is used for intervention of subsea wells, certain

safety features are required:

*  Emergency shutdown (ESD): It must be possible to initiate emergency
shutdown. The shutdown shall be automatically sequenced such that the
system is shutdown safely and release of hydrocarbons is prevented. ESD
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panels are provided on different panels located on board the rig to enable

ESD even if there is a fire or release of hydrocarbons on the drill floor.
*  Emergency Quick Disconnect (EQD): It must be possible to disconnect the

lower riser package (LRP) within a certain time delay from initiation.

An ESD must automatically be executed prior to disconnection of the

LRP.

The TWOCS usually consists of the following components:

« HPU;

* Main control panel (on HPU);

* Remote control panel (on the drill floor);

* Emergency shutdown panels (at main escape routes);

e Unmbilicals on reels;

Primary tools controlled by IWOCS are the tubing hanger running tool and
the tree running tool/tree cap running tool.

To control these tools, a riser system is utilized that may consists of
various riser joints, LRP, etc. (The riser system is discussed in Part 4). The
whole system is illustrated in Figure 7-31.

As with the SPCS, the IWOCS also has four types: direct, piloted,
electrohydraulic, and electrohydraulic multiplexed; see Section 7.2 for more
information.
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8.1. INTRODUCTION

The power supply for a subsea production system is designed according to
the subsea control system (Chapter 7). Different control system types (direct
hydraulic, electrohydraulic, all-electric, etc.) require different power system
designs. However, basically two types of power systems are used: an elec-
trical power system or a hydraulic power system.

The power system supplies either electrical or hydraulic power to the
subsea equipment: valves and actuators on subsea trees/manifolds, trans-
ducers and sensors, SCM, SEM, pumps, motors, etc.. The power sources
can come from either an onshore factory (in a subsea-to-beach field
layout), as shown in Figure 8-1, or from the site (platform or subsea
generators).

Figure 8-2 illustrates the subsea power distribution when the power
sources are coming from a surface vessel.

Subsea Engineering Handbook © 2010 Elsevier Inc.
ISBN 978-1-85617-689-7, doi:10.1016/B978-1-85617-689-7.10008-1 All rights reserved. 225
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Figure 8-1 Power Supply from Onshore to Subsea (Courtesy of Vetco Gray)

Figure 8-2 Typical Subsea Power Distribution [1]
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8.2. ELECTRICAL POWER SYSTEM

The electrical power system in a typical subsea production system that
provides power generation, power distribution, power transmission, and
electricity from electric motors. The power is either generated on site (from
a platform) or onshore (in a subsea-to-beach filed layout). To ensure
continuous production from a subsea field, it is of utmost importance that the
subsea system’s associated electrical power system be designed adequately.
Figure 8-3 shows the design process for an electrical power system.
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Figure 8-3 Electrical Power System Design Process
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8.2.1. Design Codes, Standards, and Specifications

Various organizations have developed many electrical codes and standards
that are accepted by industries throughout the world. These codes and
standards specify the rules and guidelines for the design and installation of
electrical systems. Tables 8-1 to 8-4 list some of the major international
codes and standards used for subsea field development.

8.2.2. Electrical Load Calculation

Electrical load calculation is one of the earliest tasks during electrical power
system design. Engineers should estimate the required electrical load of all of
the subsea elements that will consume the electricity so that they can select
an adequate power supply.

Each local load may be classified into several different categories, for
example, vital, essential, and nonessential. Individual oil companies often

Table 8-1 American Petroleum Institute

API RP 14F Recommended Practice for Design and Installation of
Electrical Systems for Fixed and Floating Offshore
Petroleum Facilities for Unclassified and Class I,
Division 1 and Division 2 Locations

API RP 17A Recommended Practice for Design and Operation of
Subsea Production Systems

API RP 17H Draft ROV Interfaces with Subsea Equipment

API RP 500 Recommended Practice for Classification of Locations for
Electrical Installations at Petroleum Facilities Classified
as Class I, Division 1 and Division 2

API SPEC 17D Specification for Subsea Wellhead and Christmas Tree
Equipment
API SPEC 17E Specification for Subsea Production Control Umbilicals

Table 8-2 International Electrotechnical Commission

IEC 50 (426) International Electrotechnical Vocabulary (IEV)-Chapter 426-
Electrical Apparatus for Explosive Atmosphere

Table 8-3 Institute of Electrical and Electronics Engineers

Std. 100 Standard Dictionary of Electrical and Electronics Terms
Std. 141 Electrical Power Distribution or Industry Plants
Std. 399 Recommended Practice for Power Systems Analysis
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Table 8-4 International Standards Organization

ISO 13628-5 Petroleum and Natural Gas Industries—Design and
Operation of Subsea Production Systems—Part 5:
Subsea Control Umbilicals

ISO 13628-6 Petroleum and Natural Gas Industries—Design and
Operation of Subsea Production Systems—Part 6:
Subsea Production Control Systems

Table 8-5 Typical Electrical Load Categories [2]

Load Categories Classification Questions

Vital Will the loss of power jeopardize safety of personnel or
cause serious damage within the platform/vessel? (YES)

Essential Will the loss of power cause a degradation or loss of the
oil/gas production? (YES)

Nonessential Does the loss have no effect on safety or production?
(YES)

use their own terminology and terms such as “emergency” and “normal”
are frequently encountered. In general terms, there are three ways of
considering a load or group of loads and these may be cast in the form of
questions as shown in Table 8-5.

All of the vital, essential, and nonessential loads can typically be divided
into three duty categories [2]:
* Continuous duty;
* Intermittent duty;
* Standby duty (those that are not out of service).
Hence, each particular switchboard (e.g., from the EPU) will usually cover
all three of these categories. We will call these C for continuous duty, I for
intermittent duty, and S for standby duty. Let the total amount of each at this
particular switchboard be Cy,, Ly, and S, Each of these totals will
consist of the active power and the corresponding reactive power.

To estimate the total consumption for this particular switchboard, it is
necessary to assign a diversity factor to each total amount. Let these factors

be D. The total load can be considered in two forms, the total plant running
load (TPRL) and the total plant peak load (TPPL), thus:

n

TPRL = Z(DC X Com + Di X Lym) kKW (8-1)
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n

TPPL = ) (D: X Cup + D X Luy + D X Ss) KW (8-2)

where
n: number of switchboards;

D,: diversity factor for sum of continuous duty (Cj,,,);

D;: diversity factor for sum of intermittent duty (L,,,);

Dq: diversity factor for sum of standby duty (S)-

Oil companies that use this approach have different values for their
diversity factors, largely based on experience gained over many years of
designing plants. Besides, different types of host facilities may warrant
different diversity factors [2]. Typically,

D, = 1.0-1.1;
D, = 0.3-0.5;
D; = 0.0-0.2.

The continuous loads are associated with power consumption that
remains constant during the lifetime of the system regardless of the opera-
tion taking place at any one time. Such consumers would include the subsea
production communication unit (SPCU, located on the platform) and the
monitoring sensors.

Intermittent loads are considered the loads that depend on the opera-
tional state of the system. A typical example would be a load due to valve
actuation or HPU system activation. For the duration of each operation, the
power requirement for the system increases to accommodate the operation.
For the definition of the momentary loads, apart from the corresponding
power requirement, it is essential to identify the duration and frequency of
operations as well as a statistical description of operating occurrences in
a specified time period.

Note that at no point during its lifetime should the subsea power system
run idle (without load), except for the case of a temporary production
shutdown. Tables 8-6 and 8-7 present typical values for continuous and
intermittent loads during the operation of electrohydraulic and all-electric
production systems, respectively. The data are presented in terms of elec-
trical loads. Note that the use of a choke valve can be either continuous or
intermittent, depending on field requirements.

8.2.3. Power Supply Selection

After the load has been carefully estimated, the ratings for the power supply
sources must be selected. For the electrical system applied in offshore oil/gas
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Table 8-6 Load Schedule for an Electrohydraulic Control System [3]

Power Frequency
Operation Type Requirement (per day) Duration
HPU Intermittent 11 kW/pump 2 2 min
Single valve Intermittent 10 W 1-3 2 sec
actuation
Choke valve Intermittent or 10 W (int) N/A 2 sec (int)
actuation continuous
SEM Continuous Max of 80 W — —
Sensors Continuous Max of 50 W — —
Table 8-7 Load Schedule for an All-Electric Control System [3]
Power Frequency
Operation Type Requirement (/day) Duration
Single valve Intermittent 3—5 kW 1~3 45—60 sec.
actuation
Single valve Continuous 20—50 W — —
normal
operation
Choke valve Intermittent or 1—2 kW (int) N/A 2 sec (int)
actuation continuous 60 W (cont)
SEM Continuous Max of 80 W — —
Sensors Continuous Max of 50 W — —

fields, the power transmission can be from onshore or offshore. Offshore
power transmission can occur on the surface or subsea.

8.2.3.1. Power Supply from Topside UPS
Typically, the electrical power supply for a subsea production system is from
the UPS, which has its own rechargeable batteries.

Figure 8-4 shows that for an electrohydraulic control system type, the
UPS supplies electrical power to the MCS, EPU, and HPU, which then
combines the power and other data to the TUTU.

Figure 8-5 shows a picture of a UPS and battery rack. The UPS protects
the system from electrical power surges and blackouts. Electric power
should be supplied from the host platform main supply. The UPS typically
operates by rectifying and smoothing the incoming supply, converting it to
DC, which can then be used to charge associated batteries. The output from
the batteries is then converted back to AC and is ready for use to power the
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subsea system. In the case of failure of the main incoming supply, the output
from the batteries is quickly switched to power the DC-to-AC converter,
thus ensuring a constant supply.

UPS systems are well known in industry, offices, and today even at home
in situations where a power-consuming device must not lose its power
supply. UPSs are available in small versions which are able to provide power
from about 100 W up to several hundred kilowatts for from a few minutes



Subsea Power Supply 233

up to many hours. During this time span the critical equipment supplied
with power has either to be transferred into a power-off tolerable state or
external power has to be resupplied; that is, grid power has to return or
alternative power has to be provided. Usually the UPS is purchased from
a specialist manufacture of such devices and is not built by a subsea control
system supplier.

8.2.3.2. Power Supply from a Subsea UPS

A UPS is always located as close as possible to the power-consuming device
to avoid as many fault sources as possible and is usually under control of the
responsible operator of the power-consuming device.

By installing a subsea UPS system, costs may be reduced because fewer
cables are required compared to having the UPS located topside because the
UPS can be fed from the subsea main power supply. The short-circuit level
of a UPS is low and the challenge of having enough short-circuit power
available in a subsea installation to achieve the correct relay protection and
discrimination philosophy can be solved by having the UPS subsea close to
the power consumers.

In general, a subsea UPS can be used in all applications where distri-
bution of low voltage (typically 400 V) is required subsea. The following are
typical consumers of low-voltage subsea power supplied by a UPS:

» Several control systems located in a geographically small area;

¢ Electric actuators for valves;

* Magnetic bearings;

* Switchgear monitoring and control;

*  Measuring devices for current and voltage in switchgear, transformers,
motors, and other electrical installations.

A conventional UPS comprises an energy storage means and two power
converters. A control and monitoring system is also a part of a UPS. Because
power conversion involves losses resulting in heat, UPS systems may need
cooling systems to transfer the heat to a heat sink [4].

The UPS should be designed to operate safely in the sited environment.
The UPS is designed to enable the system to ride through short (seconds to
minutes) power losses and to permit sufficient time for a graceful shutdown
if necessary.

8.2.3.3. Power Supply from Subsea Generators
Electrical power can also come from subsea generators. Several types of
subsea generators have been used in subsea field developments.
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Autonomous systems consist of an electrical power source, which is
typically seawater batteries or thermoelectric couplers. The power source
utilizes the difference in temperature between the well stream and ambient
seawater. The seawater battery solution requires a DC-to-AC converter to
transform the voltage from, for example, 1 to 24 V (e.g., an SEM requires
a 24-V electrical power supply). A seawater battery should have the capacity
to operate the system for 5 years or more. The thermocoupler solution
requires an accumulator to be able to operate the system when the well is
not producing.

8.2.4. Electrical Power Unit (EPU)

The EPU shown in Figure 8-6 supplies dual, isolated, single-phase power
for the subsea system through the composite service umbilical, together
with power supply modules for the MCS and HPU.

Figure 8-6 Electrical Power Unit (EPU)
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The EPU supplies electrical power at the desired voltage and frequency
to subsea users. Power transmission is performed via the electrical umbilical
and the subsea electrical distribution system.

The EPU should be designed to operate safely in the sited environment
and allow for individual pair connection/disconnection and easy access to
individual power systems for maintenance and repair. The EPU should
contain redundant communication modems and filters to allow user defi-
nition of system monitoring, operation, and reconfiguration unless those
modems reside in the MCS. The EPU prevents the potential damage (to
subsea control modules and MCS) caused by voltage spikes and fluctuations
and receives input voltage from a UPS.

The EPU usually has two outputs: a DC busbar and an AC line. The
energy storage units are tapped to the DC busbar, whereas the AC output is
connected to the SEM.

The typical features of the EPU are as follows [5]:

* Fully enclosed, proprietary powder-coated steel enclosure, incorporated
into the MCS suite, with front and rear access;

* Standard design suitable for safe area, that is, a nonhazardous gases area
and air-conditioned environment;

*  Dedicated dual-channel power supplies, including fault detection to the
subsea electronics module;

*  Modems and signal isolation to effect the “communications on power”
transmission system;

* Control and monitoring to the master control station;

* Electrical power backup input terminal in the event of a power supply
outage to both the MCS and EPU.

8.2.5. Electrical Power Distribution

The subsea electrical distribution system distributes electrical power and
signals from the umbilical termination head to each well. As introduced in
Chapter 3, electrical power (as well as hydraulic pressure, chemical supply,
and communications) is provided to a subsea system through an electro-
hydraulic umbilical.

The SUTA is the main distribution point for the electrical supplies (also
hydraulic and chemical) to various components of a subsea production
system. The SUTA is permanently attached to the umbilical. Hydraulic and
chemical tubes from the umbilical can have dedicated destinations or may be
shared between multiple subsea trees, manifolds, or flowline sleds.
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Electrical cables from the umbilical can also have dedicated destinations
to electrical components of a subsea production system or may be shared by
multiple SCMs or other devices. The electrical connection is made through
electrical connectors on electrical flying leads (EFLs). The number of
electrical connectors in series should be kept to a minimum. Redundant
routing should, if possible, follow different paths. To minimize electrical
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Figure 8-7 Electrical Distribution in Subsea Production System
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stresses on conductive connectors, voltage levels should be kept as low as
practical. Figure 8-7 shows the electrical as well as hydraulic power distri-
bution in subsea production system.

Connection of electrical distribution cabling and electrical jumpers
should be made by ROV or diver using simple tools, with minimum
implications on rig/vessel time. Manifold electrical distribution cabling and
jumper cables from the umbilical termination to the SCM should be
repairable or reconfigurable by the ROV or diver.

The subsea electrical power distribution system differs from a topside
system by being a point-to-point system with limited routing alternatives.
The number of components shall be kept to a minimum, without losing
required flexibility. Detailed electrical calculations and simulations are
mandatory to ensure operation/transmission of the high-voltage distribu-
tion network under all load conditions (full load, no load, rapid change in
load, short circuits).

8.3. HYDRAULIC POWER SYSTEM

The hydraulic power system for a subsea production system provides a stable
and clean supply of hydraulic fluid to the remotely operated subsea valves.
The fluid is supplied via the umbilical to the subsea hydraulic distribution
system, and to the SCM to operate subsea valve actuators. Figure 8-8
illustrates a typical hydraulic power system.

Hydraulic systems for control of subsea production systems can be
categorized in two groups:

*  Open circuits where return fluid from the control module is exhausted
to the sea;
* Closed circuits where return fluid is routed back to the HPU through

a return line.

Open circuits utilize simple umbilicals, but do need equipment to
prevent a vacuum in the return side of the system during operation.
Without this equipment, a vacuum will occur due to a check valve in the
exhaust line, mounted to prevent seawater ingress in the system. To avoid
creating a vacuum, a bladder is included in the return line to pressure
compensate the return line to the outside water.

The hydraulic system comprises two different supply circuits with
different pressure levels. The LP supply will typically have a 21.0-MPa
differential pressure. The HP supply will typically be in the range of 34.5 to
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Figure 8-8 Typical Hydraulic Power System

69.0 Mpa (5000 to 10,000 psi) differential pressure. The LP circuits are used
for subsea tree and manifold functions, whereas the HP circuit is for the
surface-controlled subsurface safety valve (SCSSV).

The control valves used in a hydraulic control system will typically be
three-way, two-position valves that reset to the closed position on loss of
hydraulic supply pressure (fail-safe closed). The valves will typically be pilot
operated with solenoid-operated pilot stages to actuate the main selector
valve. To reduce power consumption and solenoid size, but increase
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reliability, it is common practice to operate the pilot stages for the HP valves
on the lower pressure supply.

8.3.1. Hydraulic Power Unit (HPU)

The HPU is a skid-mounted unit designed to supply water-based biode-
gradable or mineral oil hydraulic fluid to control the subsea facilities that
control the subsea valves. Figure 8-9 shows a typical HPU.

The HPU normally consists of the following components:
*  Pressure-compensated reservoir;
* Electrical motors;
* Hydraulic pumps;
e Accumulators;
¢ Control valves;
* Electronics;
* Filters;
* Equipment to control start and stop of pumps.
Figure 8-10 shows a typical hydraulic power unit schematic. As introduced
before, the hydraulic power unit includes two separate fluid reservoirs. One
reservoir is used for filling of new fluid, return fluid from subsea (f
implemented), and return fluid from depressurization of the system. The
other reservoir is used for supplying clean fluid to the subsea system.

P

e, S L

Figure 8-9 Hydraulic Power Unit (HPU) (Courtesy of Oceaneering)
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The HPU also provides LP and HP hydraulic supplies to the subsea
system. Self-contained and totally enclosed, the HPU includes duty and
backup electrically driven hydraulic pumps, accumulators, dual redundant
filters, and instrumentation for each LP and HP hydraulic circuit. The unit
operates autonomously under the control of its dedicated programmable
logic controller (PLC), which provides interlocks, pump motor control, and
an interface with the MCS.

Dual hydraulic supplies are provided at both high pressure (SCSSV
supply) and low pressure (all other functions). LP supplies are fed to the
internal SCM headers via a directional control changeover valve. The
changeover valve should be independently operated from the HMI, such
that the header can be connected to either supply. Supply pressure
measurement should be displayed. HP supplies should be controlled and
monitored in a similar manner. The hydraulic discharge pressure of each
function is monitored and displayed on the HMI.

8.3.1.1. Accumulators

Accumulators on the HPU should provide pump pressure damping
capabilities. They should have sufficient capacity for the operation of all
valves on one subsea tree with the HPU pumps disabled. Accumulators
would also be of sufficient capacity to accommodate system cycle rate
and recharging of the pumps. If all electric power to pumps was lost,
the accumulator would have sufficient capacity to supply certain
redundancies.

8.3.1.2. Pumps

All pumps should be operational when initially charging the accumulators
or initially filling the system on start-up. The pump (and accumulator)
sizes should be optimized to avoid excessive pump cycling and premature
failure.

The quantity of pumps (and other components) per supply circuit
should be determined through a reliability analysis. Pump sizing is deter-
mined by hydraulic analysis. Both analyses are performed prior to starting
the detailed design for the HPU. Pulsation dampeners are provided
immediately downstream of the pumps, if required, for proper operation of
the HPU.

All pumps should be electrically driven, supplied from the platform
electrical power system. Pumps should have the capacity to quickly regain
operating pressures after a hydraulic depressurization of all systems.
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There are different types of pumps, but the most common type uses
accumulators that are charged by fixed pumps. These pumps, which start
and stop at various preprogrammed pressures, are controlled by a PLC.

8.3.1.3. Reservoir

The HPU has a low-pressure fluid storage reservoir to store control
fluid and a high-pressure (3000-psi) storage reservoir. One of the two
separate fluid reservoirs is used for filling of new fluid, return fluid from
subsea (if implemented), and return fluid from depressurization of the
system. The other reservoir is used for supplying clean fluid to the subsea
system.

Fluid reservoirs should be made from stainless steel and equipped with
circulating pumps and filters. Sample points should be made at the lowest
point of the reservoir and at pump outlets [6]. The hydraulic fluid reservoirs
should also be equipped with visual level indicators. Calibration of level
transmitters should be possible without draining of tanks.

The HPU reservoir should contain level transmitters, level gauges, drain
ports, filters, air vents, and an opening suitable for cleanout. The supply and
return reservoirs may share a common tank structure utilizing a baffle for
separation of clean and dirty fluid. The baffle should not extend to the top of
the reservoir so that fluid from overfilling or ESD venting can spill over into
the opposite reservoir.

Level Sensor

The reservoir level-sensing system should meet the following requirements:

e The low-level switch should be at a level sufficient to provide
a minimum of 5 min of pump operating time.

* The low-level switch should be located at a level above the drain port to
prevent the pumps from ingesting air into the suctions.

* The high-level switch should be located at a level equal to 90% of the
reservoir capacity.

Control Fluid
The control fluids are oil-based or water-based liquids that are used to
convey control and/or hydraulic power from the surface HPU or local
storage to the SCM and subsea valve actuators. Both water-based and oil-
based fluids are used in hydraulic systems.

The use of synthetic hydrocarbon control fluids has been infrequent in
recent years, and their use is usually confined to electrohydraulic control
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systems. Water-based hydraulic fluids are used most extensively. The char-
acteristics of high water content-based control fluids depend on the
ethylene glycol content (typically 10% to 40%), and viscosity varies with
temperature (typically 2° to 10°C). Because government regulations do not
allow venting of mineral-based oil into the sea, if the system uses this type of
fluid, it must be a closed-loop system, which adds an extra conduit in the
umbilical, making it more complex. Required fluid cleanliness for control

systems is Class 6 of National Aerospace Standard (NAS) 1638 [7].

The water-based hydraulic fluid should be an aqueous solution. The
oil-based hydraulic fluid should be a homogeneous miscible solution. The
fluid should retain its properties and remain a homogeneous solution,
within the temperature range, from manufacture through field-life
operation.

The first synthetic hydrocarbon control fluid was utilized on Shell’s
Cormorant Underwater Manifold Centre in the early 1980s. This type of
control fluid has low viscosity, great stability, and excellent materials
compatibility, and is tolerant of seawater contamination. This fluid requires
the control system to incorporate return lines and an oil purification system
(filter, vacuum dehydration to remove water). The cost of synthetic
hydrocarbon control fluids is approximately four times that of mineral
hydraulic oils.

The first water-based control fluid was utilized on Statoil’s Gullfaks
development in the early 1980s. This type of control fluid has a very low
viscosity and is discharged to the sea after use. This fluid requires the control
system to incorporate higher specification metals, plastics, and elastomers.
The cost of water-based control fluids is approximately twice that of mineral
hydraulic oils.

Control fluid performance influences control system safety, reliability,
and cost of ownership. Control fluids also affect the environment. The
control fluid performances are as follows:

* The control fluid must be capable of tolerating all conditions and be
compatible with all materials encountered throughout the control
system.

* The control fluid is a primary interface between components and
between subsystems. It is also an interface between different but con-
nected systems.

* To maintain control system performance, system components must
continue to function within their performance limits for the life of the
system—and that includes the control fluid.
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* Any reduction in control fluid performance can have an adverse effect
throughout the control system. The factors that can reduce the
performance of a control fluid in use are as follows:

» Conditions exceeding the operating parameters of the control fluid;

* Poor product stability, resulting in a reduction in control fluid
performance over time;

*  Contaminants interfering with the ability of the control fluid to
function.

8.3.1.4. Control and Monitoring

The HPU is typically supplied with an electronic control panel, including
a small PLC with a digital display, control buttons, and status lamps. The
electronics interface with other system modules, for remote monitoring and
control.

The HPU parameters monitored from the safety automation system
should typically be:

* Nonregulated supply pressure;
* Regulated supply pressure;

e Fluid levels;

e Pump status;

* Return flow (if applicable).

The control panel may be a stand-alone or an integral part of the HPU.
It utilizes a series of valves to direct the hydraulic and/or electric signals or
power to the appropriate functions.

Displays should be required to indicate hydraulic power connections
from the HPU to the topside umbilical termination (or distribution) units,
riser umbilicals, and subsea distribution to the individual hydraulic supplies
to the SCMs. Links should be provided to individual hydraulic circuit
displays.
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9.1. INTRODUCTION

The success of any project depends significantly on project execution. Well-
planned project execution allows for timely corrective action or redirection
of a project. Once the project execution plan has been defined, a formal
process of regular reports and reviews is required. Project execution is
relevant at all stages of the project, but the issues become more intense and
complex as the activities increase in number, diversify, and spread
geographically. The project manager must set the expectation that members
of the project management team understand their project execution system
and the quality of data available. Project execution does not have its own
momentum and it is, therefore, critical for it to be proactively driven by the
project manager.

The goal of this chapter is to provide a clear understanding of the
requirements for subsea project execution and of the interfaces among
parties involved in managing project activities. Additionally, this chapter
addresses the challenges of creating seamless interfaces and establishes the
methodology and tools for identifying interface issues that can arise among
various functional groups.

9.2. PROJECT EXECUTION

9.2.1. Project Execution Plan

To successfully complete any project, the scope of the project should reflect
the vision of the goal it aims to achieve, and a plan is made to ensure that all
aspects of the project are accounted for. Thorough comprehension of the
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requirements for project execution can enhance the chances for the
successtul implementation of the project.

The project execution plan will change as the project progresses, espe-
cially as the design changes. Likely design changes include the following:
*  Resources and duration needs for the project;

*  Methods for developing and producing the proposed project solution;
* Identification of significant work items;

* Contingency plans for specific elements of the project;

* Program optimization elements.

All necessary structures for a project are defined with a standard structure
as the basis (top-down analysis). All project activities are then defined for the
different elements, and a logical planning network is created. Following
a time analysis, the project’s schedule is defined (bottom-up analysis). Once
the project is established, monitoring and reporting will start and continue
throughout the life cycle of the project.

9.2.2. Schedule Versions and Baseline Updates

To be able to control the project, two different reference versions of the
schedule are stored for comparison purposes. These reference versions are
defined as the original and baseline version. A current version is updated
regularly, at least monthly, with new progress and forecast dates. All addi-
tionally approved work that changes the scope of the project (e.g., variation
orders) is included in the current version.

Baseline updating is carried out as required and each new version
replaces the old baseline. An agreement is often in place between the client
and the company for scheduling reviews of the project for this purpose. The
bases for baseline updates are:

* The previous baseline;

* Variation orders issued up to the baseline cutoff that were not previously
included;

* Implementation of contract options that were not previously included.

9.2.3. Project Organization

Most projects are defined at the outset by a purpose and a set of contract
obligations. For the execution of the project, a project organization is
established that is responsible for fulfilling the contract obligations. The
responsibilities of individuals handling the various project functions are
discussed next.
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9.2.3.1. Project Manager

The project manager is responsible for performing the project within the

agreed time and budget according to the scope of work. The detailed work

includes these tasks:

*  Organize the project in order to achieve the best possible cooperation
between the involved sections.

* Establish an order plan and a budget assisted by cost controls and
structured according to the project schedule.

* Make sure that the project plan is an integrated part of the total plan for
the basis organization to ensure an on-time completion of milestones.

* Report to the company according to the contract and give information
about the progress or deviations within, but not limited to, planning,
technical solutions, procurement, manufacturing, economy, invoicing,
legal conditions, and personnel conditions.

9.2.3.2. Deputy Project Manager

The deputy project manager assists the project manager with the tasks just
described and executes the project manager’ tasks when he or she is out of the
office. The deputy project manager reports to the project manager and has
responsibility for oversight of other tasks as delegated by the project manager.

9.2.3.3. Lead Engineer

The lead engineer (known as the systems engineer in some organizations)
has responsibility for the technical integration of the project and identifying
the necessary skills for the project. She or he will play a primary role in
defining the project’s deliverables with the project’s customer. The lead
engineer will also play a primary role in the technical development of the
project once the project has started. In industry today, the function of the
lead engineer is often combined with the function of project manager and
handled by the same person.

9.2.3.4. Manufacturing Manager

The manufacturing manager is responsible for the following activities:

* Manage the production team and equipment team to fulfill the required
targets.

* Plan for and control the stock of raw materials, work in progress, and
finished goods.

* Manage the efficiency, quality, cost, and safety of the production to meet
the company’s target.
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Conduct a related incentive program; work out the training plan for the
employees and implement it.

Perform in-process inspections according to control instructions.
Control production scrap procedures.

Monitor the materials and logistics to ensure the project operates
smoothly; control and improve the production scrap rate.

Report deviations from the schedule.

Monitor and implement a standardized management role for the
production; make sure the manufacturing capacity meets the production
requirements.

Manage operational activities.

Find and use advanced manufacturing technology, equipment, and
fixtures in the project to upgrade the manufacturing ability and reduce
manufacturing costs.

9.2.3.5. Cost and Finance Manager
The cost and finance manager is responsible for:

Analysis of manufacturing contribution margin, budget and forecast
differences, and cost reduction plans;

Cost control of the project managing necessary foreign exchange
Providing assistance to the project manager and all project personnel in
economical evaluations and decisions;

Development of standard costs;

Producing reports, including deviations, for internal use in cooperation
with the project manager;

Monthly analysis of actual product cost versus standard costs.

9.2.3.6. Planning Manager

The planning manager cooperates closely with the project manager and is

responsible for establishing and updating the main plan of the project and

issuing reports in accordance with the requirements of the contract.

9.2.3.7. Quality Manager
The quality manager is responsible for:

Formulating and managing the development and implementation of
goals, objectives, policies and procedures, and systems pertaining to QA
and regulatory functions;

Veritying the functionality of the QA system according to specifications
by performing reviews and audits;
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*  Developing, implementing, communicating, and maintaining a quality
plan to bring the company’s quality systems and policies into compliance
with quality system requirements;

* Assisting the project manager and the project personnel in QA matters;

* Managing documentation related to quality system guidelines;

* Analyzing and reporting failure cost data;

* Providing leadership for developing and directing QA and quality
improvement initiatives (cost-of-quality reductions, audit system, etc.)
for all products, processes, and services;

* Coordinating health, safety, and environmental (HSE) matters according
to the project’s HSE program.

9.2.3.8. Procurement Manager

The procurement program should be an integrated part of the project plan,
and the procurement manager should report progress according to this plan.
The procurement manager will place orders for all procured items for the
project.

9.2.3.9. Secretary

The secretary is responsible for document control, including archiving
incoming and outgoing correspondence, tracking transmittals and docu-
ments throughout the review process, and assisting the project team with
day-to-day tasks.

9.2.3.10. Contract Manager
The contract manager assists the project manager with contractual issues and
establishing the project.

The project manager has to operate in a complex organization that
includes people from different professions, different departments, different
companies, and other organizations. Even in the best circumstances,
managing a project can be a difficult task. The project manager has to plan,
organize, coordinate, communicate, lead, and motivate all participants to
achieve a successful project outcome.

In the typical project organization, all of these people must work
together, but many will have no direct line responsibility to the project
manager. The project manager is not responsible for their performance
assessments, coaching and development, promotions, pay increases, welfare,
and other line relationships. Project personnel have difterent loyalties and
objectives, have probably never worked together before, and might never
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work together again. The one thing that binds them all together is the
project organization structure. The project manager must, therefore, deal
with the human problems of developing a project team out of the diverse
groups working on the project. This involves complex relationships with
managers in many departments and companies, not all of whom will be
directly employed on the project.

The temporary nature of project organizations allows insufficient time
for interpersonal relationships to reach the static state possible in routine
operations management. Good group performance is necessary from the
beginning of a project, because it is difticult or even impossible to recover
from mistakes made and time lost at the start. Also, the total management
group on a project changes frequently, with new members joining and the
roles of others diminishing as the project proceeds through its life cycle. In
spite of all these disruptions and difficulties, project managers must work
under pressure to deliver their time, cost, and performance targets, which
can require the application of pressure or other motivational measures on
the people and groups involved [1].

9.2.4. Project Management

The project management personnel are responsible for effectively and
efficiently implementing the project to agreed-on performance measures.
Performance criteria are ultimately based on the requirements set out in the
business case and project brief. The project management team is an agent of
the development management activity zone, which is likely to consist of
project management professionals. The project management team is ulti-
mately responsible for preparing the project execution plan and ensuring
that all relevant inputs from other activity zones are guided and integrated
toward the successful implementation of the project.

Project management is the process of managing, allocating, and timing
resources in order to achieve a given objective in an expedient manner. The
objective may be stated in terms of time, monetary, or technical results.
Project management is used to achieve objectives by utilizing the combined
capabilities of available resources. It represents a systematic execution of
tasks needed to achieve project objectives. Project management covers the
following basic functions:

* Planning;

*  Organizing;
* Scheduling;
+ Control.



254 Y. Bai and Q. Bai

Planning

Organizing

/ Scheduling

/ Optimization

Training

Project

Contract Management
Management

Risk Management

Resource Management
Cost Control

Project Design Software Tools

Performance Control
Figure 9-1 Multidimensionality of Project Management [2]

Figure 9-1 illustrates the multidimensionality of the project management
process.

9.2.5. Contracting Strategy

The actual contracting strategy for a project is a result of multiple contractor
approaches. The managing team will direct these contractors to execute
major project segments. An umbrella agreement may tie these contracts
together for interface management, alignment, and common systems and
controls. Each contractor will be able to subcontract suitable portions of the
work scope.

The project contract strategy is based on competitive bidding of both
major contracts and purchase orders for free-issue equipment. Another
key strategy is the decision of the project team to design certain elements,
such as the manifold and the jumper systems, in house. To continue the
example, key components of these systems can then be free-issued to
a manifold fabricator. Fabrication of the manifold is negotiated with, say,
the successful supplier of the valves and connection systems, thereby
reducing interfaces and potential construction errors and delays. Two
primary reasons to do this are (1) to allow the team to maintain better
control over the multiple interfaces involving hardware suppliers and



Project Execution and Interfaces 255

internal interfaces involving drilling and installation and (2) to take
advantage of having the technical expertise to do the design work available
in house [3].

9.2.6. Quality Assurance

The project has different phases representing different milestones toward

completion; some phases are scheduled in parallel and some in series.

Throughout these phases, the project team monitors progress and reports to

the company according to the contract. Deviations are analyzed and treated

according to a designated QA system. The project team then executes
corrective actions.

The contracting party that will complete the work should have and
maintain a QA system to ensure that products and services are delivered
according to the agreed-on specifications as well as statutory requirements,
thereby satistying the needs of customers and internal users. The term quality
assurance system refers to a formal management system you can use to
strengthen your organization. It is intended to raise standards of work and to
make sure everything is done consistently. A QA system sets out the
expectations that a quality organization should meet. Typically, organiza-
tions implement a QA system for these purposes:

» To agree on standards, which are concerned with the performance that
staff, trustees, and users expect from the organization.

* To carry out a self~assessment, which means that the project team’s
performance is compared to the expectations set by the standards.

* To draw up an action plan, which includes what needs to be done, who
will do it, how it will be done, and when.

* To implement and do the work.

* To conduct a review, during which the project team determines what
changes have been made and whether they have made the difference the
team was hoping to achieve.

The practice applied to all activities leading to delivery of products or
services should be: “Perform all activities according to established
requirements, and when changes are applicable, a formal change approval
procedure should be followed.”

The project management team will actively support the quality manager
and the quality department in its overall monitoring and auditing of the
system, of both the contracted and subcontracted parties, to ensure
compliance with requirements. Audit results should be reported to the top
management as appropriate.
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A number of challenges arise when planning and executing a quality
program (QP) for a project. For a subsea systems group, the key challenge is
often the extreme geographical spread of contractors and vendors.

The QA philosophy at the start of the project is to rely on project
contractors’ existing QPs, based on ISO-9001 and the development of
specific quality plans, which include production, inspection, and test
procedures. Initially the role of QA and quality control programs is to
function as a monitoring overseer, but as the project progresses, increased
levels of surveillance are required in congruence with the increased
complexity of the project as it matures.

The quality team of the subsea group for the project consists of a QA
coordinator and a quality engineer (QE), who report to the subsea manager.
The responsibilities of the QA coordinator are to develop and oversee the
implementation of the QP and associated procedures and to conduct
internal and external quality audits. The quality engineer is responsible for
the daily interfacing with third-party inspectors and the monitoring of
contractor and vendor inspection and test plan implementations.

The third-party inspectors are selected based on the vendor inspection
execution plan criteria jointly prepared by the discipline lead engineers and
the QE. The basic inspection personnel contracting philosophy is to employ
cognizant and capable inspectors by geographic area instead of using
a blanket agreement with an inspection agency.

The QP is intended to cover all aspects of a subsea system group’s
involvement in the project and to complement the general quality
management system established by the project services. It is also used to
ensure that the change guidelines are followed by the project [3].

9.2.7. Systems Integration Manufacturing and Testing

Quality management of the manufacture and testing of all subsea equipment
should rigorously follow the projects QA plan. The criticality of the
equipment and the high cost of subsequent repairs require a level of
inspection disproportionate to the cost of the equipment. A robust orga-
nization staffing plan is needed to ensure that resources are available to
support the quality management activities and to ensure that the required
inspection and test requirements are delivered. The project’s team members
should be assigned specific accountability for the manufacture and delivery
of each subsea component and ensure that the required level of inspection
and monitoring takes place. Subsea systems consist of a large number of
unique components, which makes overall status monitoring difficult to
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achieve and the performance management system must be designed to take
this into account. The project plan must recognize that many subsea items
may be delivered close to the time period designated for installation and,
hence, contingency plans should be identified. The contingency plans are
prepared to satisfy customer requirements in the event of an emergency
such as utility interruptions, labor shortages, key equipment failures, or field
returns. The manufacturing schedule must allow sufficient time for stack up
and integrated system testing and rectification of failures prior to installa-
tion. Planners must ensure that the necessary testing and dummy equipment
will be available for testing.

The systems integration testing (SIT) program is designed to be thor-
ough, with the objective of testing each installation and operational feature
on land before going oftshore. Better preparation on land and a high degree
of testing will result in an efficient installation and smooth start-up once the
system is moved oftshore.

The SIT is conducted at the manifold fabricator’s yard and is completed
in two phases. The first phase consists of performing all of the mechanical
interfaces between the pipeline end manifolds, suction piles, manifolds, and
subsea trees. One size of each flowline and well jumper is fabricated and
tested with the maximum or worst case tolerance stack-ups confirmed. The
second phase of the SIT involves the integration of the production control
system with the manifolds, trees, and flying leads.

The overall planning and execution of the SIT is the responsibility of the
subsea systems group. The planning effort involves the development of
a SIT plan that identifies the scope of work, detailed test procedures,
equipment testing and handling requirements, personnel requirements,
schedule and cost controls, and safety practices.

During the execution of the SIT, the fabricator essentially provides only
labor, equipment, and facilities, with all detailed procedures, schedules,
control budgets, and day-to-day activities provided and directed by the
integrated project team and executed by the SIT coordinator. The
contractor scope of work is executed under a time and materials contract.
The SIT is stafted with a full-time subsea systems team and peaks at four
individuals during execution of the SIT.

During the course of the SIT program, representatives from the instal-
lation and drilling groups, installation contractors, and operations personnel
are invited to witness and participate in the actual SIT tests. This will help to
familiarize the various parties with the equipment and allow for hands-on
training to occur.
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It is desirable to have a significant amount of expertise within the subsea
group that helps plan and execute a successful SIT program. It is extremely
important to have the right personnel involved during the execution of the
SIT (subsea, operations, and installation personnel) and to get started as early
as possible in the planning stages [3].

9.2.8. Installation

The installation activities are major project events and require detailed
planning and management. The project manager must ensure that a plan-
ning and interface management process is in place among the engineering
team, installation team, installation contractor, and facility fabrication team.
The management of installation activities is a specialized activity and
requires specific knowledge and competence within the team. Preparation
activities for the management of an installation include the following:

*  Determine the load-out and installation method during FEED because
this has a significant impact on facility design.

* Engage the installation procurement and supply chain management
(PSCM) sector teams in leveraging the company’s scope and scale.

* Ensure that the installation method is matched to available installation
vessels and to the PSCM strategy with early lock-in of vessels to ensure
availability when required.

* Ensure that, through early engagement of the installation contractor, the
installation requirements are integrated with the facility’s design. There
is a tendency for installation contractors to review the facility late in the
design or construction process. This can result in redesign and
construction rework.

* Appoint an installation manager ahead of the development of the
detailed installation strategy to manage the proposed installation activi-
ties and installation contract.

The following planning activities also must be considered:

* Ensure that timely detailed design reviews are undertaken between the
engineering, installation and construction teams to ensure full alignment
prior to start of activities.

* Initiate a peer review of the proposed installation design and
methodology.

* Ensure detailed walk-throughs of the installation procedures have been
carried out by the installation team prior to implementation.

* Implement a go/no go process to confirm that all requirements are
in place prior to execution of load-out, sailaway, and installation.
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Ensure that accountability for the approval to proceed is absolutely

defined.

* Ensure that appropriate metocean and weather forecasting expertise is
available to support installation planning and go/no go processes.

The installation of subsea equipment is the overall responsibility of the
installation group that functions as a subgroup within the construction group.

The installation group’s responsibilities consist primarily of negotiating,
contracting, coordinating, scheduling, and budget controlling of the various
contractors that will perform the subsea installation activities. This orga-
nization captures the synergies of optimizing vessel utilization, field safety,
and overall construction management across the entire two-field installation
campaigns. The technical responsibility still resides within the subsea group
for providing technical input, review, and endorsement of contractor
installation procedures and detailed testing instructions.

Overall, an organizational structure like that described can be successful
in installing the subsea equipment with significant cost savings realized by
the project. Identifying and selecting the installation contractors as early as
possible allows for early input into subsea equipment designs as well as the
development of early installation options and details. It also allows for any
issues or risks associated with an installation to be identified. The installation
risk assessments are also conducted for the primary components and have
proven invaluable in the planning phase, where key issues and potential gaps
are identified and resolution plans implemented prior to the offshore
execution of the work [3].

9.2.9. Process Management

Process management is an agent of the development management activity
zone that is responsible for planning and monitoring each phase. The
responsibilities of process management include:

* Formulating the process execution plan in close collaboration with the
project management team;

* Reviewing the phase review plans and reports;

*  Determining and examining the inputs and outputs of the process in
terms of the deliverables at each phase;

* Offering expert recommendations to the development management
activity zone with regard to the satisfactory execution of the process for
delivery of the product.

The process management activity zone should consist of professionals who

are independent of the project.
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9.2.10. HSE Management
9.2.10.1. HSE Philosophy
The protection of health and ensuring safety and conservation of the
environment, apart from being subject to legislation, constitute assets and
provide added value to any project. As a philosophy, awareness of them as
essential and integral parts of products and services is necessary. The health,
safety, and environmental (HSE) philosophy should function as the overall
guideline for ensuring safety within a project.

The project team should aim at achieving technical and operational
integrity as far as practically and economically feasible in connection with
engineering, design, procurement, manufacturing, termination work, and

testing [4].

9.2.10.2. HSE Management Plan

Achieving the goals of no accidents, no harm to people, and no damage to
the environment requires planning that is commensurate with the scale and
complexity of a project.

An HSE management plan is created to ensure safe and environmentally
responsible operations throughout the design, construction, fabrication,
installation, and operating phases. An HSE management plan provides the
information needed to enable the entire project team, including contractors
and others, to understand how HSE concerns and issues are identified,
eliminated, mitigated, or managed, and how accountabilities are established
at various levels of management. It is also used as an HSE training tool for
members of the project team.

The objectives of the HSE management plan are as follows [5]:

* To clearly state the project HSE objectives and expectations and provide

a tool for the project team to use in achieving them.

* To detail the project organization, responsibilities, and methods of
management control as they relate to HSE.

* To identify the HSE studies and deliverables.

* To specify the HSE-related reviews and audits to be performed and their
timing.

9.3. INTERFACES
9.3.1. General

An interface may relate to definitions of scope of responsibility between two
functional groups, exchange of information between two functional groups,
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or a physical interface between equipment supplied by two different
functional groups. A key component of project success is managing inter-
face differences. Interface differences among the various manufacturers,
contractors, and subcontractors involved in a project can lead to serious
problems such as complications with coordination of all interface activities.
All interfaces between different work elements are identified and specified
together with proposals for mutually acceptable solutions. The work
element means full contract scope, well-defined partial or subcontract
scope, or facility/operation. These are discussed with the respective parties
and adjusted as necessary. The company specifies the agreed-on interface
boundary limits and the exact engineering solution within the scope of
work and supply. Each interface is then detailed and progressively agreed to
with the respective party. An interface register is established and maintained
to reflect the development and solution of each interface.

The subsea facilities team should participate in the overall project
management interface. The subsea facility interfaces should be managed by
the team interface coordinator with a single point of contact who is
responsible for maintaining an interface register and responding by
assigning responsibility for follow-up action items. A management tool for
this purpose is an interface responsibility matrix that allocates responsible
key personnel to all activities through all project phases. Team members can
input queries and/or answers into the interface database and then register
and maintain the query until it is successfully closed out to the satisfaction
and agreement of all parties. A register is a legally recognized entity, such as
the Copyright Office, that makes a public record of ownership for the
purposes of legal protection and recourse in the event of infringement.
Registers normally charge a fee for the administrative work and issue
a certificate and reference number for the ownership record. A database is
merely a collection of records that is searchable. These records may be
public records of ownership, books available for checkout from a library, or
people looking for dates on the Internet. However, the presence of a record
in a database does not confer on it the status of a public record of
ownership.

9.3.2. Roles and Responsibilities

9.3.2.1. Project Manager

The project manager has the overall responsibility for the coordination of all
interface activities and also delegates the day-to-day running of the interface
system to a responsible member of the project team.
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9.3.2.2. Interface Manager

The interface manager is responsible for managing and coordinating those
project activities directly related to identification of interface issues, main-
taining the interface register, organizing regular interface meetings, and
facilitating the close-out of interface issues through the exchange of
information among the various functional groups.

9.3.2.3. Interface Coordinator

An interface coordinator is designated within each functional group to be
the point of contact with the interface manager for identifying interface
issues, communicating those issues to other members within the func-
tional group, and assisting in the close-out of interface issues through the
exchange of information with the interface manager and other functional
groups.

9.3.2.4. Lead Engineers

The lead engineers may be members of any of the functional groups
engaged in the project. The lead engineers are responsible for identifying
interface issues affecting the work for which they are responsible, and
reporting these issues to the interface coordinator within their functional
group. A lead engineer may also serve as an interface coordinator.

9.3.2.5. Project Controls Coordinator
The project controls coordinator is responsible for maintaining schedule
and budget reports.

9.3.3. Interface Matrix

The subsea interface matrix defines the points of contact between the
company and the main contractor engaged in the detailed engineering,
construction, and installation of subsea facilities. The interface matrix is a list
of all project interfaces, such that any member of the contractor’s team may
obtain a reference to the latest project information for use within the project
activities. The interface matrix is a living document and is to be continu-
ously updated as new interfaces are highlighted and the status of existing
ones changes.

Each interface shown on the interface matrix is allocated a specific item
number to remove the possibility of any ambiguity from interface queries,
correspondence, and other references. Table 9-1 is an example of the
interface matrix.
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Table 9-1 Example of Interface Matrix
Interface Interface Detailed Providing Receiving Required

No. Item Description Company Company by Date Status Comments
Company Company Open/
name name closed

9.3.4. Interface Scheduling

Each interface is scheduled such that the company may receive information
in sufficient time to be incorporated into the project activities. This date is
called the required-by date on the interface register and within the interface
matrix.

9.3.5. Interface Management Plan

The interface management plan addresses the management of the various
functional and physical interfaces between organizations and equipment for
the project. The goal of the plan is to ensure early communication between
different parties regarding information on the systems and procedures and
on activities or deliverables that are required to ensure timely completion
and resolution of the interface. Identifying and declaring this information
early also minimizes any potential disruption to the project schedule—
effective handling of interface issues across the entire project will be to
everyone’s benefit.

Various functional groups are engaged in various aspects of the design,
procurement, fabrication, installation, and commissioning of facilities for the
project. The interface management plan establishes the methodology and
tools for identifying interface issues among the various functional groups,
recording and tracking the issues, and bringing the issues to closure [6].

9.3.6. Interface Management Procedure

All interface issues are entered into the interface database for tracking and
reporting purposes. All of the interface managers and select others will be
given access to the system.
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9.3.6.1. Process

Interface management requires the early identification, prioritization, and
quick resolution of interfaces to avoid any negative impact on a project’s
cost, schedule, and quality. The overall interface management process
involves the planning, identification, assessment, monitoring and control,
and closeout of all interfaces that also affect other company and contractor
processes, such as document control, project control processes, and
knowledge management systems.

Interface management influences all phases of the project from detailed
engineering through start-up and final handover to operations. Interfaces
exist in all phases of the project and need to be proactively managed
and resolved to support the contractors’ progress and execution of the

work [7].

9.3.6.2. Communications

Open communications among all contractors and client companies are
required to identify interface issues at the earliest possible time and to afford
timely resolution of the issues. In fact, open communications should be
encouraged between all interface personnel contractually involved in the
project.

It is also advisable for the external interface teams to meet with each
other on a regular basis during both the co-located and virtual team phases.
Face-to-face meetings are important to facilitate and maintain communi-
cation among the contractors and a client company [7].

9.3.6.3. Meetings

Weekly meetings are to be held with all of the interface managers in
attendance. The purpose of the meetings is to conduct direct discussion
regarding existing interface issues, determination of “Need” and “Forecast”
dates and the status of close-out items.

9.3.6.4. Database Tool

For staft working outside of the company network, access to the
database will commonly be made through shared documentation and the
Internet.

9.3.6.5. Interface Queries
Each interface issue should be raised as a specific interface query. The interface
queries may be raised by any functional group, but must be submitted by the
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group’s interface coordinator. The query numbers are assigned in sequential
receiving order after the query is submitted by the interface manager, and
a copy of the query is transmitted to all involved parties.

9.3.6.6. Action Plans

Complex or difficult interface issues may require a multistep solution that is
best presented via an action plan. One of the functional groups should be
responsible for developing the action plan and noted in the interface
register.

9.3.6.7. Closeout of Interface Issues

When an interface issue is closed it should be noted in the interface register
with a date in the “Date Closed” column, and a close-out reference should
be cited. The close-out reference may be a correspondence number or
document number reference.

9.3.6.8. Freezing Interfaces

An interface is considered “frozen” when the documents that define the
interface have been issued as “Approved for Design” or “Approved for
Construction.” Unresolved interface areas should be identified with
a “HOLD” notation, and a corresponding interface issue should be entered
in the interface register for follow-up.

9.3.7. Interface Register

The interface register should comprise a list of all interface queries raised by
the contractor, with a separate interface register for queries received from
company, such that any missing queries may be easily identified.

9.3.8. Internal Interface Management

An internal interface is defined as an interface that occurs within a specific
company and the design disciplines. The responsibility for internal interface
management usually falls on the contractor, whether it is a full engineer,
procure, install, and commission project or only a portion of a larger
contract.

9.3.9. External Interface Management

An external interface is defined as an interface that occurs between a specific
company and external organizations. External interface management can be
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applied as a policy tool by the production company or as a control tool
operating within the project group.

9.3.10. Interface Resolution

Resolution of external interfaces should first be attempted between the
parties involved in the respective interface, but subteams can be utilized to
help resolve specific issues. If this team is unable to achieve a resolution, it
should become the responsibility of the external interface team. If the
interface conflict still cannot be resolved, then the client company should
act as mediator and force resolution of the issue [7].

9.3.11. Interface Deliveries

For the project, the company should devise an interface deliverable data-
base, which is to be maintained and administered. The database contains
a list of all highlighted interfaces between the various contractors, with
associated need and source dates.
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10.1. INTRODUCTION

The exploration and production of oil and gas resources entail a variety of
risks, which, if not adequately managed, have the potential to result in
a major incident.

All subsea field development procedures involved in designing,
manufacturing, installing, and operating subsea equipment are vulnerable to
a financial impact if poor reliability is related to the procedure. Equipment
reliability during exploration and production is one of the control factors on
safety, production availability, and maintenance costs. In the early design
phases, the target levels of reliability and production availability can be
controlled through application of a systematic and strict reliability man-
agement program.

This chapter presents a recommended systematic risk management
program and further describes a methodology for analyzing field architec-
tures to improve the reliability of system design and to reduce operating
expenses by using reliable engineering tools.

10.1.1. Overview of Risk Management

Risk is defined as the potential for the realization of unwanted, negative
consequences of an event. Risk can be measured by the product of the
probability of the event occurring and the consequence of the event [1].
Risk management is the systematic process of identifying, analyzing, and
responding to project risk. It involves minimizing the probability and
consequences of adverse events and maximizing the probability and con-
sequences of positive events based on project objectives.

The subsea business is a unique industry in many ways, but its uniqueness
is not limited to the diversity inherent in any project or to the diftferences
between all projects; its diversity also includes the people working within
the industry. As a whole, these people are at the cutting edge of a high-risk
and potentially highly rewarding industry. It would therefore seem bene-
ficial for the industry, as a whole, to adopt an overall risk management
methodology and philosophy in order to utilize joint efforts that can help
maximize the success of its projects [2].
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Risk management can be regarded as a continuous assessment process
applied throughout the design, construction, operation, maintenance, and
decommissioning of a project. The integrity risk management life cycle is
illustrated in Figure 10-1.

10.1.2. Risk in Subsea Projects

A subsea project is complex and involves uncertainties from a wide range of
sources. Managing these uncertainties in a systematic and efficient manner
with a focus on the most critical uncertainties is the objective of a successful
risk management plan. Some of the areas of uncertainty that need to be
considered are as follows [3]:
e Technical;
*  Financial;
*  Organizational;
* Contract/procurement;
* Subcontractors;
» Political/cultural, etc.

Many cost issues need to be considered when assessing the economics
of a field development. In the ranking of different investment

Risk Identifications Risk M;?agement
and Assessments L
! : Monitoring/
Risk Reduction Inspection/Testing/
Repairs/Emergency
Response

Figure 10-1 Integrity Risk Management Life Cycle
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opportunities for a field development project, the following issues need to

be considered:

*  Costs of capital expenditure and operating expenditures;

* Schedule of project tasks and completion of milestones;

* Taxes and depreciation;

* Health, safety, and environmental concerns (meeting regulations and
company requirements);

* Structural reliability (using a design that meets requirements);

* Flow assurance (analysis that meets availability requirements).

10.2. RISK ASSESSMENT
10.2.1. General

Risk assessment is the process of assessing risks and factors influencing the

level of safety of a project. It involves researching how hazardous events or

states develop and interact to cause an accident. The risk assessment effort

should be tailored to the level and source of technical risk involved with

the project and the project stage being considered. The assessment of

technical risk will take different forms in different stages of the project; for

example [1]:

* A simple high-level technical review may filter out equipment with
technical uncertainty.

» Consequence/severity analyses can be used to identify equipment with
the greatest impact on production or safety and environment.

» Potential failure modes or risk of failure can be identified.

» Technical risk reviews can be used to identify where equipment is being
designed beyond current experience.

10.2.2. Assessment Parameters

When assessing risk exposure, the parameters listed in Table 10-1 should be
evaluated.

10.2.3. Risk Assessment Methods

When assessing risk, the parameter of probability must be considered to
obtain an overall assessment because not all risks will evolve into project
certainties. During the assessment, risks are removed to get a global view.
This method is based on functional expertise, and a fixed scoring value is
used to achieve balanced results. For example, if a risk is assessed as having
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Table 10-1 Assessment Parameters [4]
Assessment Parameter Keywords for Assessment

Personnel exposure - Qualification and experience of personnel
- Organization
- Required presence
- Shift arrangements
- Deputy/backup arrangements

Overall project - Delay

particulars - Replacement time/cost

- Repair possibilities
- Number of interfaces and contractors/subcontractors
- Project development period

Existing field - Surface and subsea infrastructure
infrastructure
Handled object - Value, structural strength, and robustness
Marine operation - Novelty/feasibility
method - Robustness

- Type of operations

- Previous experience

- Installability
Equipment used - Margins/robustness

- Condition/maintenance

- Previous experience

- Suitability

- Experience with operators/contractors (track record)
Operational aspects - Cost of mobilized equipment and spread

- Language barriers/hindrance

- Season/environmental conditions

- Local marine traffic

- Proximity to shore

a probability of occurrence between 1% and 20%, then the mean of the
range, 10%, will be used in the calculation. Table 10-2 illustrates the
values utilized for different probabilities at various risk levels in a risk
assessment.

Table 10-2 Probability in Risk Assessment [2]

Risk Probability Utilize
Improbable <20% 10%
Not likely 20—40% 30%
Possible 40—60% 50%
Probable 60—80% 70%

Near certain >80% 90%
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A 100% probability does not appear in the table because 100%
probability is a project certainty. The risk evaluation deals only with
scenarios that might happen. Once having identified the probability and
established the level of risk, it is necessary to prioritize the actions to be
undertaken.

10.2.4. Risk Acceptance Criteria

The risk criteria define the level at which the risk can be considered
acceptable /tolerable. During the process of making decisions, the criteria
are used to determine if risks are acceptable, unacceptable, or need to be
reduced to a reasonably practicable level. Numerical risk criteria are
required for a quantitative risk assessment.

As described previously, risk assessment involves uncertainties. It may
not be suitable to use the risk criteria in an inflexible way. The application of
numerical risk criteria may not always be appropriate because of the
uncertainties of certain inputs. The risk criteria may be different for
different individuals and also vary in different societies and alter with time,
accident experience, and changing expectations of life. Therefore, the risk
criteria are only able to assist with informed judgments and should be used
as guidelines for the decision-making process [5].

In risk analysis, the risk acceptance criteria should be discussed and defined
first. Three potential risk categories are proposed in DNV-RP-H101 [4]:

* Low;
e Medium;
* High.

The categorization is based on an assessment of both consequence and
probability, applying quantitative terms. The categories should be defined
for the following aspects:

* Personnel safety;
¢ Environment;

e Assets;

* Reputation.

A risk matrix is recommended for defining the risk acceptance criteria,
a sample of which is presented in Figure 10-2.

10.2.5. Risk Identification

Many tools and techniques are used when identifying risk. Some of them
are introduced in this section.
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Figure 10-2 Sample Risk Matrix [4]

10.2.5.1. Hazard Identification Analysis

The hazard identification (HAZID) technique is used to identify all hazards
with the potential to cause a major accident. Hazard identification should be
done in the early stage of the project and be conducted in the conceptual
and front-end engineering stages. HAZID is a technique involving the use
of trained and experienced personnel to determine the hazards associated
with a project. Significant risks can be chosen through HAZID by screening
all of the identified risks. The technique is also used to assess potential risks
at an early stage of the project.

10.2.5.2. Design Review

The design review is used to evaluate the design based on expert opinions at
various stages. It is also used to identify the weaknesses of a design for
a particular system, structure, or component.
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10.2.5.3. FMECA
A failure mode, effects, and criticality analysis (FMECA) is conducted to
identify, address, and, if possible, design out potential failure modes. The use
of a process FMECA to identify potential failures that could occur during
each step of the procedure with a view toward finding better (risk-reducing)
ways of completing the task (high risk operations only) should be consid-
ered. All procedure-related actions from any detailed design FMECA and
peer reviews should be incorporated into the project [1].
The advantages of FMECA are as follows:
* Applicable at all project stages;
*  Versatile—applicable to high-level systems, components, and
processes;
* Can prioritize areas of design weakness;
* Systematic identification of all failure modes.
FMECA also has two weaknesses:
* Does not identify the real reason of the failure mode;
* Can be a time-consuming task.

10.2.6. Risk Management Plan

The risk management plan includes resources, roles and responsibilities,
schedules and milestones, and so on. However, it should only involve items
that can be achieved within the schedule and budget constraints. By
applying the risk management plan to the total development project, risks
will be reduced and decisions can be made with a better understanding of
the total risks and possible results.

10.3. ENVIRONMENTAL IMPACT ASSESSMENT

When a subsea spill occurs, environmental consequences can be very
severe. Assessing environmental damage is extremely difficult because of
the many factors involved in cleanup effects and in estimating the costs for
possible civil penalties or fines. Environmental damage is typically assessed
based on a dollar-per-barrel estimate for the material and location of
release.

The consequences of a release from process equipment or pipelines vary
depending on such factors as physical properties of the material, its toxicity
or flammability, weather conditions, release duration, and mitigation
actions. The effects may impact plant personnel or equipment, population
in the nearby residences, and the environment.
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Environmental impact assessment is estimated in four phases:
* Discharge;
* Dispersion;
*  Cleanup costs;
* Ecological effects.

10.3.1. Calculate the Volume Released

Sources of hazardous release include pipe and vessel leaks and ruptures,
pump seal leaks, and relief valve venting. The mass of material, its release
rate, and material and atmospheric conditions at the time of release are key
factors in calculating their consequences.

Release can be instantaneous, as in the case of a catastrophic vessel
rupture, or constant, as in a significant release of material over a limited
period of time. The nature of release will also affect the outcome. With
appropriate calculations, it is possible to model either of the two release
conditions: instantaneous or constant.

For a subsea release case, the leak rate and detection times are major
factors when determining the volume of the leak:

Vil = Vieak X fdetect

where
Viel:  Volume of liquid released from equipment;
Neak: Leak rate;
tdetect: Detection time.

10.3.2. Estimate Final Liquid Volume

When a vapor or volatile liquid is released, it forms a vapor cloud that may or
may not be visible. The vapor cloud is carried downwind as vapor and
suspended liquid droplets. The cloud is dispersed through mixing with air
until the concentration eventually reaches a safe level or is ignited.

Initially, a vapor cloud will expand rapidly because of the internal energy
of the material. Expansion occurs until the material pressure reaches that of
ambient conditions. For heavy gases, the material spreads along the ground
and air is entrained in the vapor cloud, due to the momentum of the release.
Turbulence in the cloud assists in mixing.

As the concentration drops, atmospheric turbulence becomes the
dominant mixing mechanism, and a concentration profile develops across
the vapor cloud. This concentration profile is an important feature in
determining the effects of a vapor cloud.
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Several factors determine the phenomena of dispersal:

* Density: The density of the cloud relative to air is a very important factor
affecting cloud behavior. If denser than air, the cloud will slump and
spread out under its own weight as soon as the initial momentum of the
release starts to dissipate. A cloud of light gas does not slump, but rises
above the point of release.

*  Release height and direction: Reeleases from a high elevation, such as a stack,
can result in lower ground-level concentrations for both light and heavy
gases. Also, upward releases will disperse more quickly than those
directed horizontally or downward, because air entrainment is unre-
stricted by the ground.

*  Discharge velocity: For materials that are hazardous only at high
concentrations, such as flammable materials, the initial discharge velocity
is very important. A flammable high-velocity jet may disperse rapidly
due to initial momentum mixing.

*  Weather: The rate of atmospheric mixing is highly dependent on weather
conditions at the time of release. Weather conditions are defined by three
parameters: wind direction, speed, and stability.

When liquid escapes to the environment, the major influence is the envi-
ronmental pollution, which is determined by the liquid remaining in the water.

Following a spill, a certain fraction of lighter hydrocarbons can evapo-
rate, thus reducing the volume of liquid that needs to be cleaned up. The
persistence factor Figuiq 15 used to quantify the amount of unevaporated
liquid. In general, Fjiguiq is found as follows:

Fliquid = eikt

where

t: the time required to complete half the cleanup effort, in hours;

k: evaporation rate constant, in hours .
The time, ¢, includes the time to initiate cleanup, which is estimated as the
time required to begin the cleanup effort in earnest, including the time to
plan a cleanup strategy and mobilize all necessary equipment.

Methods for calculating evaporation rate constants for pure components
and mixtures are provided in Table 10-3.

10.3.3. Determine Cleanup Costs

In general, the cleanup costs for a leak to the environment are estimated
using the following expression:

Cost cleanup = Veny X Fliquid x C
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Table 10-3 Evaporation Rate Constants for Pure Components [6]
Evaporation Constant (hr

Hydrocarbon Component 40°F 60°F 80°F
n-C9 0.231 0.521 0.777
n-C10 0.0812 0.2 0.311
n-C12 0.0103 0.0302 0.0514
n-C14 0.0013 0.0046 0.0085
n-C16 5.65E-05 3.30E-04 7.60E-04
n-C18 2.46E-05 1.20E-04 2.70E-04
where

Viw: Volume released to the environment;

Fiquia: Fraction of liquid remaining;

C: Unit cost of cleanup.

The estimates of the cost to clean up spills of various liquids are the
most uncertain variable in an environmental consequence analysis. Every
attempt must been made to estimate cleanup costs in a reasonable manner.
Based on historical data, cleanup costs for crude oil on open water can vary
from $50 to $250 per gallon.

10.3.4. Ecological Impact Assessment

Oil spills on the sea surface can affect a number of marine species. The
species most vulnerable to “oiling” are seabirds, marine mammals, and sea
turtles that may come into direct contact with the hydrocarbons, although
any interaction with the spilled hydrocarbons depends on the time these
animals spend on the sea surface. The exact distribution and feeding areas of
seabirds, marine mammals, and sea turtles in the offshore environment are
unknown. Large swimming animals such as cetaceans and turtles are mobile
and could move away from spilled oil and are less likely to be affected. Fishes
living beneath the surface can detect and avoid oil in the water and are
seldom aftected.

Fish and Invertebrates
e Atlantic cod

* Capelin

e American lobster
* Atlantic herring
*  Lumpfish
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e Snow crab

e Redfish

e Yellowtail flounder
* Sea scallop

Sea-Associated Birds

* Northern gannet

e Greater shearwater
¢ Cormorants
Common eider

* Black guillemot

* Harlequin duck

* Bald eagle

*  Greater yellowlegs
* Purple sandpiper

* Piping plover
Marine Mammals

¢ River otter

e Fin whale

» Atlantic white-sided dolphin
*  Humpback whale
e Harbor seal

e Blue whale

*  White-beaked dolphin

Sea Turtle Each of these species is discussed next in terms of their habitats,
life stages, and overall vulnerability to oil spills.

10.3.4.1. Fish and Invertebrates

Near-shore and shallow waters are important for the spawning and early
stages of several important fish species, which could be vulnerable to spilled
oil depending on the timing of the spill.

10.3.4.2. Sea-Associated Birds

Seabirds are the species most vulnerable to the effects of oiling; the species
listed above all come into contact with the sea surface and, hence, poten-
tially oil from a spill. Murres and black guillemots are particularly vulnerable
because they fly infrequently, spending the majority of their time on the sea
surface.
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10.3.4.3. Marine Mammals

With the exception of seals, otters, and polar bears, marine mammals are not
particularly susceptible to the harmful effects of oiling. Harbor seal pups
may be susceptible to the effects of oiling. Although not classified as
a marine mammal, river otters are included in the list because they spend
a great deal of time in the marine environment.

10.3.4.4. Sea Turtles
The vulnerability of sea turtles to oiling is uncertain.

10.4. PROJECT RISK MANAGEMENT

One of the key uncertainties related to a subsea deepwater development is
the capacity to deliver equipment reliably on time so that the project is on
schedule and the time to first oil or gas production is not delayed. The
number of interfaces, equipment suppliers, and subcontractors involved,
however, can make this process complex and difficult to manage. Project
risk management can provide an excellent tool for systematically managing
these challenges.

Project risk management is a systematic approach for analyzing and
managing threats and opportunities associated with a specific project and can,
thereby, increase the likelihood of attaining the project’s objectives in terms
of cost, schedule, and operational availability. The use of a project risk
management process will also enhance the understanding of major risk
drivers and how these affect project objectives. Through this insight, decision
makers can develop suitable risk strategies and action plans to manage and
mitigate potential project threats and exploit potential project opportunities.

Project risk management in field development projects has the following
set of goals:

* Identify, assess, and control risks that threaten the achievement of the
defined project objectives, such as schedule, cost targets, and perfor-
mance. These risk management activities should support the day-to-day
management of the project as well as contribute to efficient decision
making at important decision points.

* Develop and implement a framework, processes, and procedures that
ensure the initiation and execution of risk management activities
throughout the project.

* Adapt the framework, processes, and procedures so that the interaction
with other project processes flows in a seamless and logical manner.
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The project risk management process should be assisted by a set of tools that
supports these processes and also allows a graphical representation of the
project schedule and risks that potentially could affect these plans [3].

10.4.1. Risk Reduction

Risk reduction processes are focused on the generation of alternatives, cost
effectiveness, and management involvement in the decision-making
process. Use of these processes is designed to reduce the risks associated with
significant hazards that deserve attention.

In safety analysis, safety-based design/operation decisions are expected
to be made at the earliest stages in order to reduce unexpected costs and time
delays. A risk reduction measure that is cost effective at the early design stage
may not be as low as reasonably practicable at a later stage. Health, safety, and
environmental (HSE) aim to ensure that risk reduction measures are
identified and in place as early as possible when the cost of making any
necessary changes is low. Traditionally, when making safety-based design/
operation decisions, the cost of a risk reduction measure is compared with
the benefit due to the reduced risks. If the benefit is larger than the cost,
then it is cost effective; otherwise it is not. This kind of cost/benefit analysis
based on simple comparisons has been widely used in safety analysis [5].

Figure 10-3 illustrates a route for improving safety.

Were the Knowingly Would | Have History

Actions as Violating Safe Done the Same Of Unsafe

Intended? Procedures? Thing in Those Acts?

Circumstances?
YES YES
NO
NO

Were Procedures Defective
Results as Clear and Training or
Intended? Workable? Experience?

Y ESl
_ -

Diminishing Blame
Figure 10-3 A Route for Improving Safety [7]
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10.5. RELIABILITY
10.5.1. Reliability Requirements

Reliability refers to the ability of a device, system, or process to perform its
required duty without failure for a given time when operated correctly
during a specified time in a specified environment.

At present, it 1s obvious that numerical reliability requirements are rarely
set at the invitation to tender stage of projects. A numerical analysis is
generally performed later during the detailed design stage.

Reliability requirements are often imposed on new contracts following
particular instances/experiences of failure. This is an understandable
response; however, this is not a sound strategy for achieving reliability
because the suppliers may feel they have met the reliability requirements if
they have dealt with the listed issues.

If no reliability target is set, the underlying signal to the supplier is
“supply at whatever reliability can be achieved at the lowest cost” [8].

10.5.2. Reliability Processes

API RP 17N lists twelve interlinked key processes that have been
identified as important to a well-defined reliability engineering and risk
management capability. These reliability key processes provide a sup-
porting environment for reliability activities. When these are imple-
mented across an organization, the reliability and technical risk
management effort for each project is increased. Figure 10-4 illustrates
the key processes for reliability management. The 12 reliability key

processes are as follows [1]:

* Definition of Availability Goals and Requirements Ensures that the
project goals are fully aligned with overall business performance objec-
tives and provides the focus for design and manufacture for availability
and reliability assurance. The trade-off between the purchase cost and
the operational expenditure needs to be understood when considering
the need for reliability improvement. This should then be considered
when setting goals and requirements.

* Organizing and Planning for Availability Allocates leadership and
resources to the required reliability activities such that they add value to
the project overall and do not adversely affect the project schedule. The
reliability activities identified should be considered an integral part of the
engineering process and integrated with conventional engineering tasks
in the project management system.
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Figure 10-4 Key Processes for Reliability Management [8]

* Design and Manufacture for Availability Should be considered an
extension of good engineering practice but requires increased focus on
understanding how and why failures occur in operation. Information
gathered during reliability analysis activities should be considered during
the design process to drive the design’s ability to achieve and deliver the
specified availability requirements.

* Reliability Assurance This is the essential element of managing
technical risk because it is the process of identifying, assessing, justifying,
and, most importantly, communicating the information pertaining to
risks to the technical effectiveness of the system.

* Risk and Availability Analysis Provides reliability management
support by identifying potential faults and failure mechanisms and their
effects on the system in advance of operation and to quantify risk and
reliability. Analysis and models usually focus on function, hardware, or
process.

* Verification and Validation Confirms that any given activity is the
correct one and that it has been carried out correctly.
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* Project Risk Management Addresses nontechnical risks throughout
the project life cycle to enable all risks to be identified, quantified,
managed, and preferably eliminated.

* Reliability Qualification and Testing This is the process by which
systems are examined and evidence is provided to demonstrate that the
technology employed meets the specified requirements for the intended
use. The qualification process in some projects may start as early as the
teasibility stage if it is known that a specific piece of unqualified hardware
will be required to exploit a field.

* Performance Tracking and Data Management collects and
organizes reliability performance data from all projects at all project
stages to support the assessment of reliability, availability, and
production efficiency. Historical reliability and availability data can be
used to determine the availability goals and requirements for projects
with field-proven equipment, and also understand any failures that
have been experienced to provide inputs to reliability analysis and
improved design.

*  Supply Chain Management Ensures that reliability and technical risk
management goals, requirements, achievement, and lessons learned are
communicated among all organizations involved in the project. The
ability to manage the various interfaces between the customers and
suppliers down the supply chain is expected.

* Management of Change Ensures that any changes are consistent with
the project reliability and technical risk management goals and that their
impacts are fully assessed and managed.

* Organizational Learning Provides resources to ensure that infor-
mation is fed back to the whole organization involved in design and
system integration, and the whole organization understand the lessons
to be learned from failure. The lessons learned usually cover the whole
life of the project from strategic thinking and decision making through
project execution and the delivery of benefits and should include both
good and bad practices.

10.5.3. Proactive Reliability Techniques

In a proactive environment, the orientation toward reliability is changed.
Reliability engineers become involved in product design at an early point
to identify reliability issues and concerns and begin assessing reliability
implications as the design concept emerges. Because of the continuous
requirement for improved reliability and availability, an integrated systems
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engineering approach, with reliability as a focal point, is now the state of the

art in product and systems design. Frequently, it is desirable to understand,

and be able to predict, overall system failure characteristics.
Reliability and availability are typically increased [9]:

* Through improved hardware and software fault tolerance design;

* By implementing more efficient screening tests during manufacturing,
which reduces the quantity of induced failures;

* By reducing the number of incidents where an apparent failure cannot
be verified;

* By increasing the time between preventive maintenance actions.

10.5.4. Reliability Modeling

To predict system reliability, the reliabilities of the subsystems should be
assessed and combined to generate a mathematical description of a system
and its operating environment by reliability modeling. Once the system
reliability has been calculated, other measures can be evaluated as inputs
for decision making. In this circumstance, a mathematical description of
a system constitutes a model of the system failure definitions; that is, the
model expresses the various ways a system can actually fail. The
complexity of a reliability model relies on the complexity of the system
and its use but also to a large extent on the questions at hand, which
the analysis attempts to answer. The addition of failure consequences and
their costs, maintainability, downtime, and other considerations to the
complexity of a model not only influences future economic realities of the
system design and use, but also becomes the metrics of interest for decision
makers.

A reliability model attempts to represent a system and its usage in such
a way that it mirrors reality as closely as possible. To produce useful results in
a timely fashion, models often have to balance the effort of reflecting
a close-to-reality and using practical simplifications. This implies that
oftentimes models contain approximations based on engineering judgments
and reasoned arguments to reduce the complexity of the model. This can
easily lead to a “false” impression of accuracy and a potentially incorrect
interpretation of the results by using sophisticated mathematical models in
situations in which the quality of the input data is not equally high. The
main objective of reliability modeling is to identify weak points of a system
as areas for improvement, although it is a quantitative tool. So there is a need
to focus on the comparison of results for various system design solutions
rather than on the often prompted question about the absolute results. In
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this respect a reliability model can be an extremely valuable tool for making
design decisions.

The process of reliability modeling always begins with the question
about the objective of the analysis. Only if the objective and the expected
outcome are clearly defined can an appropriate modeling technique be
chosen. The most common analysis techniques include, but are not limited
to, reliability block diagrams, fault tree analysis, and Markov analysis, which
is also known as state-time analysis. Oftentimes a combination of those tools
is required to address the objective of an analysis adequately [10].

10.5.5. Reliability Block Diagrams (RBDs)

The general purpose of RBD:s is to derive reliability predictions during the
design phase of hardware developments and to provide a graphical repre-
sentation of a system’s reliability logic.

10.5.5.1. Concept

Rather than making absolute predictions of system reliability, RBDs
establish a basis for design trade-off analyses. Like the other reliability
engineering tools, RBDs allow product evaluations and identification of
problem areas before a design is finalized. An RBD represents a clear picture
of system functions and interfaces and shows the failure logic of a given
system. It models the interdependencies of logical system components and
allows the overall system reliability to be computed. The results can be used
to verify compliance of subsystems within system-level requirements.
Especially in cases of complex systems with redundancies, RBDs are helpful
tools.

Using reliability engineering software allows the user to take into
account various types of redundancies, such as active, standby, and others.
Even the failure probability of imperfect switches can be included in
a model. Once a model is established, sensitivity analyses can be performed
by changing the configuration, adding redundancies, and modifying
maintenance strategies—to name just a few of the options. The results help to
prepare design decisions between various competing configurations. Reli-
ability block diagrams can also be used to visualize the system structure and
to aid in training and troubleshooting [11].

10.5.5.2. Timing of Application
A top-level RBD can be constructed as soon as a system layout has been
defined. An RBD may be required whenever a design FMECA is
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performed. The best timing for use of a reliability block diagram is as early as
possible in the design process.

10.5.5.3. Requirements

RBD users should understand the various types of redundancies as well as
the system architecture and functionality. In addition, thorough knowledge
of how the system operates and reliability parameters (e.g., hazard rate) for
each block in the diagram are needed.

10.5.5.4. Strengths and Weaknesses

API RP 17N illustrates the strengths and weaknesses of RBDs [1]:
Strengths

* The best method of graphically representing complex system logic;
* Good visualization of redundant system logic;

* Good precursor to all other analysis methods.

Weaknesses

* Construction of RBDs can be difticult for complex systems;

* Numerical assessment of the RBD can be very time consuming (if
performed manually or if multiple nested RBDs are apparent);

* Becomes very data intensive when there are more detailed levels;

*  May require multiple RBDs for multiple functional modes.

10.6. FAULT TREE ANALYSIS (FTA)

FTA is another tool in the reliability engineering toolkit. The general
purpose of FTA is to identify the technical reason for the specified
unwanted events and to estimate or predict the system reliability perfor-
mance. FTA logically represents all possible failure modes of a system or

package.

10.6.1. Concept

FTA is a systematic and deductive method for defining a single undesirable
event and determining all possible reasons that could cause that event to
occur. The undesired event constitutes the top event of a fault tree diagram,
and generally represents a complete or catastrophic failure of a product or
process. As well as a FMECA, an FTA can also be used for identifying
product safety concerns.

Contrary to a FMECA, which is a bottom-up analysis technique,
a FTA takes a top-down approach to assess failure consequences. An FTA
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can be applied to analyze the combined effects of simultaneous,
noncritical events on the top event, to evaluate system reliability, to
identify potential design defects and safety hazards, to simplify mainte-
nance and trouble-shooting, to identify root causes during a root cause
failure analysis, to logically eliminate causes for an observed failure, etc. It
can also be used to evaluate potential corrective actions or the impact of
design changes [11].

10.6.2. Timing

FTA is best applied during the front-end engineering design (FEED) phase
as an evaluation tool for driving preliminary design modifications. Once
a product is already developed or even on the market, an FTA can help to
identify system failure modes and mechanisms.

10.6.3. Input Data Requirements

Intimate product knowledge of the system logic is required for tree
construction, and reliability data for each of the basic units/events are
required by quantitative analyses.

10.6.4. Strengths and Weaknesses

API RP 17N illustrates the strengths and weaknesses of FTA [1]:
Strengths

* Can support common cause failure analysis;

* Can predict the probability of occurrence of a specific event;
* Can support root cause analysis;

*  Compatible with event trees for cause/consequence analyses;
* Supports importance analysis.

Weaknesses
*  Complex systems may become difficult to manage and resolve manually;
* Not suited to the consideration of sequential events.

10.6.5. Reliability Capability Maturity Model (RCMM) Levels

The reliability capability maturity model provides a means of assessing the
level of maturity of the practices within organizations that contribute to
reliability, safety, and effective risk management.

Reeliability capability is categorized into five maturity levels as shown in
Figure 10-5. Each level introduces additional or enhanced processes and
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Figure 10-5 Reliability Capability Maturity Model Levels [12]

Table 10-4 Overview of Reliability Capability Maturity Levels [1]

Maturity
Level Description
1 No understanding of reliability concepts.

Prescriptive procedures that are repeatable but do not directly relate to
reliability.

Understanding of historical achievements in reliability but with limited
capability to learn from lessons and improve reliability.

Understanding of design for availability and how to correct designs to
improve reliability given the observation of failure.

Understanding of design for availability and implementation into
a proactive continuous improvement program (both managerial and
operational).

these will lead to higher levels of reliability capability. An overview of
RCMM levels is given in Table 10-4.

10.6.6.

Reliability-Centered Design Analysis (RCDA)

Reeliability centered design analysis is a formalized methodology that follows

a step-by-step process. RCDA lowers the probability and consequence of

failure, resulting in the most reliable, safe, and environmentally compliant

design.
The

direct benefits of using RCDA in FEED are as follows [13]:

* Higher mechanical availability, which results in longer operating intervals

between major outages for maintenance, significantly increasing revenue.
*  Reduced risk. RCDA results in designs that lower the probability and
consequence of failure.
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RCDA is a functional-based analysis. It focuses on maximizing the
reliability of critical components required to sustain the primary func-
tions for a process.

Shorter maintenance outages. Reduced downtime results in fewer days
of lost production, significantly increasing revenue.

Safer, more reliable operations, better quality control, more stable
operation with the ability to respond to transient process upsets.
Lower operating expenses. RCDA results in designs that cost less to
maintain over the operating life of the asset.

Optimized preventive and predictive maintenance programs and prac-
tices. A comprehensive program is created during RCDA. Training to
these practices is performed in advance, so assets are maintained from the
minute the project is commissioned.

Emphasis on condition-based maintenance practices. Equipment
condition is continuously monitored, maximizing the full potential of
the assets, and avoiding unnecessary inspections and costly overhauls.
RCDA can be used as a training tool for operators and maintenance
personnel. RCDA documents the primary modes of failure and their
consequences and causes for failure well in advance of building the
platform.

Spare parts optimization. Because the dominant failure causes are
identified for each piece of equipment, the spare parts requirements are
also known. Because this analysis is performed on the entire platform,
stock levels and reorder levels can also be established.

The RCDA process is integrated into project management stages, that is,

FEED. As a process, it follows a uniform set of rules and principles.
Figure 10-6 illustrates the RCDA process flow diagram.

10.7. QUALIFICATION TO REDUCE SUBSEA FAILURES

The methodology for reducing subsea failures is formalized in DNV-

RP-A203 [14]. It provides a systematic risk-based approach for obtaining

the goals of the qualification.

The qualification process comprises the main activities listed next [15].

At each step of the process there is a need for documentation making the

process traceable.

Establish an overall plan for the qualification. This is a continuous
process and needs updating after each step using the available knowledge
on the status of the qualification.
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Figure 10-6 RCDA Process Flow Diagram [13]

Establish a qualification basis comprising requirements, specification,
and description. Define the functionality and limiting parameters.
Screen the technology based on identification of failure mechanisms and
their risk, and classification of the technology according to degree of
newness to focus the effort where the related uncertainty is most
significant.

Assess maintenance, monitor conditions, and review possible modifi-
cations for their effect on the qualification basis.

Plan and execute reliability data collection. The data are used to analyze
the risk involved in not meeting the specifications through experience,
numerical analysis, and tests.

Analyze the reliability and, thereby, the risk of the failure modes related
to the functional requirements.
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11.1. INTRODUCTION

Subsea equipment includes wellheads, wellhead connectors, trees, mani-
folds, jumpers, PLETSs, pipeline connectors, pipelines and risers, and
umbilicals and UTA. This chapter presents the concept of a risk-based
inspection (RBI) study for subsea systems that is designed to ensure the
integrity of subsea equipment.

As subsea operations move into ever deeper water, the costs and chal-
lenges associated with subsea systems are becoming more severe than ever.
Therefore, it is important to develop a subsea equipment RBI that can
deliver great benefits in terms of ensuring the integrity of a subsea system.

A subsea equipment RBI is a method that uses equipment criticality and
failure modes as criteria for establishing the maintenance and inspection
plan for each item of subsea equipment.

11.2. OBJECTIVE

The prime objective of a subsea equipment RBI is to reveal the major
failure types and establish a mitigation and control plan to maximize the
reliability and availability of subsea systems and ensure the integrity of those
same systems by avoiding and reducing the frequency of poor outcomes.
A subsea equipment RBI operates on many levels throughout the project. It
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is essential for information on major risks to flow upward into a central
register where it can be aggregated, prioritized, and managed. The scope of
the RBI system must be multidisciplinary and include technical,
commercial, financial, and political risks, and must equally consider both
threats and opportunities.

The objectives of a subsea equipment RBI are summarized as follows:
* Carefully define steps to improve facility performance.
* Make use of a systematically applied equipment database.
* Incorporate advances in technology promptly.
*  Optimize inspection, test, and maintenance work.
* Eliminate unplanned equipment failures.
* Improve plant performance.
*  Reduce costs.

With a subsea RBI module, a qualitative RBI assessment can be per-
formed. All significant failure causes and modes will be identified and
analyzed to develop a cost-effective inspection plan for subsea equipment.

11.3. SUBSEA EQUIPMENT RBI METHODOLOGY
11.3.1. General

The RBI approach prioritizes and optimizes inspection efforts by balancing
the benefits (risk reduction) against the inspection costs. The results of RBI
planning include a specification of future inspections in terms of:

*  Which subsea systems to inspect;

*  What degradation modes to inspect for;

* How to inspect;

*  When to inspect;

*  How to report inspection results;

* Directions for actions if defects are found or not found.

RBI planning is a “living process.” It is essential for the analyses to
utilize the most recent information about subsea systems in terms of
design, construction, inspection, and maintenance of subsea systems in
order to optimize future inspections. From the inspection results, new
and better knowledge of operational conditions provides a basis for an
updating of the structural reliability and further a correction of the time
to next inspection.

A subsea equipment RBI can be analyzed in two ways. One way is to use
a pipeline RBI by assuming that the subsea equipment, such as a manifold or
jumper, is a pipeline. (PaRIS software, developed by OPR, is able to do
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Figure 11-1 Analysis Hierarchies for a Mechanical RBI

a subsea equipment RBI.). The other way is to use the mechanical RBI
involved in the failure of component parts.

In a mechanical RBI, the efforts focus mainly on the component
degradation mechanisms of the subsea equipment, after which the equip-
ment failure conditions can be determined based on these components.
Figure 11-1 is an illustration of the analysis hierarchy for a mechanical RBI.

11.3.2. Subsea RBI Inspection Management

Subsea equipment RBI planning, execution, and evaluation should not be
a one-time activity, but a continuous process in which information and data
from the process and the inspection/maintenance/operation activities are
fed back to the planning process, as indicated in Figure 11-2.

Consequence of

Inspection data ‘
nspection data Failure

evaluation (analysis of
results)

Probability of
Failure

Inspection
Inspection and testing Management
(execution &

reporting)

Risk ranking
Inspection program (method,
Frequency. coverage.

location. cost)

Figure 11-2 Subsea Equipment RBI Management Process [1]

Inspection plan
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11.3.3. Risk Acceptance Criteria

Risk acceptance criteria are the limits above which an operator will not
tolerate risk on the installation. These criteria must be defined for each
type of risk to be assessed. Similar to the traditional pipeline RBI, the
subsea equipment RBI quantifies risk from the aspects of Safety, envi-
ronment, and economy. Most importantly, the safety level depends on
product, manned condition, and location class. If the product is toxic or
the location is in a sensitive area, then the safety class should be considered
to be high.

The risk acceptance criteria are used to derive the time of inspection,
which is carried out prior to the acceptance limit being breached. This
would allow either the reassessment of the risk level based on better
information, a detailed evaluation of any damage, or the timely repair or
replacement of the degraded component.

The acceptance criteria are defined for each of the different consequence
categories. Acceptance criteria may be based on previous experience, design
code requirements, national legislation, or risk analysis. The acceptance
criteria for a function may be “broken down” into acceptance criteria for
the performance of the individual items comprising the function.

Generally, due to the quick reaction ability of extensive valves and
sensors, the main risk is the economic loss of the subsea tree or manifold.
For a pipeline and riser, however, safety, environmental, and economic risks
should be considered.

For each type of item and for each deterioration process, the acceptance
criteria with regard to personnel risk, environmental impact, or economic
risk may be represented by a risk matrix as illustrated in Figure 11-3.

11.3.4. Subsea RBI Workflow

Figure 11-4 illustrates the RBI workflow, which consists of the following

items:

* Data gathering;

e Initial assessment;

¢ Detailed assessment;

* Inspection reference plan (IRP) and maintenance reference plan (MRP).
Collection of information is a fundamental task at the start of any RBI

study. The information that is actually required depends on the level of detailed

RBI assessment. For screening, only some basic information is required. With

an increased level of assessment, more documentation is required.
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Figure 11-4 Subsea Equipment RBI Workflow

Typical data required for an RBI analysis may include, but are not limited to:
* Type of equipment;
¢ Materials of construction;
* Inspection, repair, and replacement records;
*  Process fluid compositions;
* Inventory of fluids;
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*  Operating conditions;

+ Safety systems;

* Detection systems;

* Deterioration mechanisms, rates, and severity;
¢ Personnel densities;

* Coating, cladding, and insulation data;

* Business interruption costs;

* Equipment replacement costs;

* Environmental remediation costs.

The initial assessment is intended to be an efficient initial qualitative
assessment not requiring a detailed description of the system. In many cases
this level can be the most appropriate approach for the inspection planning if
detailed information or models are not available, or the benefit of a more
costly assessment is marginal. The RBI initial assessment is mainly based on
sound engineering judgment.

The detailed assessment is performed on a component level, defining the
different sections of the subsea equipment and analyzing the reason for each
individual degradation mechanism to provide results that can guide the
development of an optimized inspection plan. This is difterent from the
initial assessment, which considers the individual subsea equipment as one
component. The detailed assessment is carried out for different detail levels
with advanced and accurate prediction models. The detailed assessment
incorporates both deterministic and probabilistic assessment of the proba-
bility of failure.

The MRP encompasses the action plan for “high-risk” items in the RBI
detailed assessment. The MRP outlines the method of mitigation inclusive
of remedial action to extend the remaining life of the components and to
reduce the risk. The IRP is a document that describes how the RBI initial
assessment will be implemented. Following the IRP will ensure that the
failures occurring in the pipeline systems are managed in a cost-effective
manner and kept within the acceptable limits of safety and economic risk.

11.3.5. Subsea Equipment Risk Determination

11.3.5.1. Subsea Equipment PoF Identification

The offshore reliability data (OREDA) database [2] can be used as the
starting point to calculate the failure rate of subsea equipment and the
process can be summarized as follows:

e Failure database from OREDA;

* Equipment operation condition evaluation;
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¢ Failure database modification;
* Subsea equipment component probability of failure (PoF) identification;
* Subsea equipment PoF calculation.

The U.K. PARLOC database can also be used to predict pipeline failure
rates based on the following two assumptions [3]:

* The development of failure rates is coherent with the historical statistical
results in the PARLOC database;

* The PARLOC database from the North Sea is applicable to pipeline
maritime space analyses.

It is reasonable to use the PARLOC database as a starting point for
pipeline hazard identification, leaking hole size predictions, and PoF
calculations.

Before calculating the failure rate of the subsea equipment, the
operational conditions, including the corrosion rate, erosion rate, flow
assurance problem and the properties and characteristics of the equip-
ment, should be evaluated in order to modify the failure data recorded in
the OREDA.

The CO; corrosion rate calculation module in the Norsok code M-506
is used to calculate the corrosion rate [4]:

*  Water cut;

e Pressure;

¢ CO, concentration;

« pH;

*  Temperature;

* Oxygen concentration;
* Inhibitor efficiency;

* Flow regime;

* Biological activity;

* Etc

The erosion rate can also be determined by the equation below based on
the following items and can be monitored continuously [5]:

*  Fluid density and viscosity;

e Sand size and concentration;
* Sand shape and hardness;

e Flow rate of fluid and sand;
* Pipe diameter;

* Flow regime;

*  Geometry;

* Etc.
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Flow assurance analyzes the formation of wax, asphalting, hydrate, scale,
etc. The prediction of the choke operation is based on the knowledge of
flow assurance. In the analysis, the following items should be considered:
* Wax appearance temperature;

* Pour point temperature;
* Hydrate formation curve.

According to the monitored pressure and temperature, flow assurance
software (such as PIPESIM or OLGA) can be used to determine the
temperature at which wax or hydrate will appear in the monitoring pressure
condition. Then this temperature can be compared with the monitored
temperature to determine whether the wax or hydrate may occur.

The method for using statistical failure data to calculate the PoF of subsea
equipment components is summarized as follows. The failure rate estimate

is given by:
A= n/t
A 90% confidence interval is given by:
(low.high) = (lZO.%,m lZ0.05 2(n+1)>
2t 2t ’

Finally, the subsea equipment failure rate can be determined by the
equation:
n

PoF = 1—> (1= Pi)(1 —pa)...(1 - p))

i=1

Also some subsea equipment can be simplified according to its structure
and characteristics; for example, the manifold can be equal to the pipe and its
failure rate calculation method can be used to determine the manifold PoE

11.3.5.2. Subsea Equipment CoF Identification

The failure of subsea equipment is unlikely to cause a large quantity of
leakage. Leakage is limited by the quick reaction of extensive valves and
sensors, so the main consequence is the economic loss due to the delays
caused by needed repairs and the repair costs. But sometimes subsea
equipment failure will also cause significant leakage, for instance the 2010
GOM incident is environment disaster due to the failure of BOP system.
The economic consequences of failure (CoF) of the subsea equipment can
be analyzed on the base of:

* Product type;
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Table 11-1 Qualitative Economic CoF Category
Economy (%)

Product <2 2-5 5—-10 10—20 >20
Gas, well fluid A B C D E
Gas, semiprocessed A B C D E
Gas, dry A B C D E
Oil, well fluid A B C D E
Oil, semiprocessed A B C D E
Oil, dry A B C D E

* Flow rate;
* Delay time of production.

Also the repair time of subsea equipment components can be gained
from the OREDA database. Relative to overall field production throughput
(%) can be used to determine the CoE Table 11-1 is an example of quali-
tative CoF estimates for a tree failure.

11.3.5.3. Subsea Equipment Risk Identification

Risk is calculated by the equation risk = PoF x CoF Risk criteria for subsea
equipment should be much stricter than that for export pipelines, and the
risk can be qualitative or quantitative.

11.3.6. Inspection Plan

The result from the subsea RBI assessment defines a proposed inspection
plan for the subsea equipment system.

In this phase proposed inspection plans for all items are collected and
grouped into suitable inspection intervals. Deliverables from this activity are
handbooks giving recommendations for inspection scheduling. These
handbooks describe the following for each of the considered pipelines
systems:

*  When to inspect (inspection time);
*  Where to inspect (which items to be inspected);
* How to inspect (inspection methods, or level of inspection accuracy).

Figure 11-5 shows the setting of inspection intervals for both the time-
based damage cause and the event-based damaged cause. Limited assessment
models and data are utilized to predict the failure probability and conse-
quences rating in an RBI assessment. Inspection planning from RBI must
therefore apply a pragmatic view and sound engineering judgment. As
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Figure 11-5 Setting of Inspection Intervals. Note: Line A and line B represent time-
based damage causes. Lines C and D represented event-based damage causes.

described earlier, the calculated PoF will increase with time for some damage
causes, and will maintain constant over time for others. This will have some
impact on the inspection planning and two basic methodologies are applied:
* Time-based damage causes;
* Event-based damage causes.

The first methodology addresses cases for which PoF increases with
time. The criterion for initiating an inspection is when a defined acceptable
level of risk is exceeded. Over time, the PoF increases and hence the risk
increases, and the time for inspection is determined as the point in time
when the risk exceeds the acceptance limit.

The second methodology for inspection planning covers the case when
PoF is constant with time, and hence the risk is also constant with time
(assuming no variation in consequence). In this case, provided that the initial
estimate of risk is acceptable, the risk will not exceed the acceptable risk limits
and hence will not generate a date for inspection. However, for those cases
where the risk is above a certain level, inspection should be performed at
regular intervals, and more often for high-risk items than for low-risk items.

RBI competence group should take out inspection schedule and
perform inspection during the time period when the PoF exceeds the limit
PoF for the internal corrosion degradation mechanism.

11.3.7. Offshore Equipment Reliability Data

The OREDA project was established in 1981 in cooperation with the
Norwegian Petroleum Directorate [2]. The initial objective of OREDA
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was to collect reliability data for safety equipment, and the main objective

of OREDA now is to contribute to improved safety and cost effectiveness

in the design and operation of oil and gas exploration and production
facilities. The scope of OREDA was extended to cover reliability data
from a wide range of equipment used in oil and gas exploration and
production.

The OREDA database can be divided into four levels:

*  Field/installation: This is an identifier for the subsea field and its instal-
lation(s). For each field several installations may be included.

*  Equipment unit: This refers to an equipment unit on the highest equip-
ment level used in OREDA, which typically includes a unit with one
main function, for example, a Christmas tree or control system.

*  Subunit: An equipment unit is subdivided in several subunits, each of
which performs function(s) that are required by the equipment unit to
perform its main function. Typical subunits include umbilicals and the
HTP. The subunits may be redundant, for example, there may be two
independent HPUs.

*  Components: These are subsets of each subunit and will typically consist
of the lowest level items that are being required or replaced as a whole
(e.g., valve, sensor).

For each topside equipment unit and subsea equipment unit, the
following information is presented:

* A drawing illustrating the boundary of the equipment unit, that is,
a specification of subunits and components that are part of the equip-
ment unit;

* A listing of all components;

* The observed number of failures for each component;

* The aggregated observed time in service for the equipment unit, clas-
sified as calendar time;

* An estimate of the failure rate for each component with associated
uncertainty limits;

* A repair time estimate, that is, the elapsed time in number of hours
required to repair the failure and restore functioning. This time is the
active repair time, that is, the time when actual repair work was done;

* Supportive information, for example, the number of items and
installations;

* A cross-tabulation of component versus failure mode, of subunit versus
failure mode, of equipment unit versus failure mode, and of failure
descriptor versus failure mode.
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11.4. PIPELINE RBI
11.4.1. Pipeline Degradation Mechanisms

Damage is defined as an undesired physical deviation from a defined baseline
condition that can be detected by an inspection technique or combination
of techniques. The reasons for damage can be grouped into the following
three categories:
* Event-based damage, for example, a dropped object, dragging trawl gear,
landslide, or dropped anchor;
* Condition-based damage, for example, a change in pH, change in
operating parameters, or a change in CP system;
* Time-based damage, for example, corrosion, erosion, or fatigue.
An RBI assessment considers the following reasons for damage to
a pipeline:
¢ Internal corrosion;
e External corrosion;
e Internal erosion;
* External impact;
* Free-spans;
*  On-bottom stability.
Each of these damage reasons is detailed in the next section for a pipeline
system with respect to the likelihood of occurrence and the consequence of
failure.

11.4.2. Assessment of PoF Value

In this section, the models for assessing the various reasons for damage are
described. The user should keep in mind that these models are intended to
be conservative, identifying an inspection plan based on a minimum level of
provided data. As an alternative to an inspection plan, a more detailed
assessment or remedial actions could also be proposed.

Proper actions and measures should be taken to ensure the integrity of
the pipeline when the inspection outcome and risk assessment indicate that
the risk is close to or exceeding the risk limit. These measures can include
closer inspection, or mitigation actions as reduced pressure or fitness for
service assessment

11.4.2.1. Internal Corrosion

Internal corrosion is the major factor of wall thinning during operation.
Corrosion is a complex mechanism, depending on fluid composition,
presence of water, operational changes, etc.
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For an RBI qualitative assessment, the PoF for a pipeline is classified

based on the following information:
*  Outcome of last inspection, if any;
* Time since last inspection, if any;
* Corrosivity based on the product;
* Monitoring and maintenance level.

The category of PoF at the time of inspection is determined based on the
inspection findings of an insignificant, moderate, or significant level of
observed corrosion defects.

Also the PoF increases with time due to potential growth of corrosion
defects. The corrosion rate is dependent on the corrosivity of the product.
Except for the most corrosive products, credit is given for a good condition
monitoring level, which is a measure of the follow-up of the operator.

In the corrosion quantitative assessment, internal corrosion damage may
be caused by different mechanisms of corrosion degradation. In hydro-
carbon pipeline systems, corrosion damage may be due to the following
items:

e COj corrosion;
* H5S stress corrosion cracking (SSCC);
*  Microbiological-induced corrosion (MIC).

The annual failure probability is calculated for both burst and leak failure
modes, based on the PoF calculation procedure for metal loss defects. The
most important input parameters are whether the corrosion takes place, and
the corrosion rate. The factors affecting the corrosion rate can be summa-
rized as follows:

e Material;

*  Product type;

e Water content;

* Temperature;

*  CO; partial pressure;

* Inhibition efficiency (if any);
* Flow regime.

The following items should be considered in order to calculate the PoF
using the structural reliability method:
¢ Outer diameter;

* Internal pressure, maximum allowable operating pressure (MAOP);
e Nominal wall thickness;

* Material strength, SMTS;

* Commissioning year.
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11.4.2.2. External Corrosion

Normally pipelines are protected against external corrosion by a corrosion
coating that covers the complete external surface of the pipeline. An
impressed current cathodic protection (ICCP) system in conjunction with
sacrificial anodes is used in pipeline systems when the corrosion coating of
a pipeline is damaged.

External coating damage could be caused by impacts from vessels,
anchors, trawls, etc. In practice, external corrosion is normally not a big
problem for the submerged section of a submarine pipeline.

In a qualitative assessment, the PoF categories for the offshore pipeline
are based on the following issues and are summarized in Table 11-2:

* Outcome of last inspection, if any;

* Time since last inspection, if any;

* Abnormal anode depletion inspection, if any;
» IC “potential” readings, if any;

* Operating temperature.

The PoF increases with time due to potential growth of corrosion
defects. Even though the corrosion occurs in the splash zone, the temper-
ature of the riser surface is assumed to be equal to the operation tempera-
ture, which is used for the calculation of corrosion rate.

Table 11-3 shows the operating years for a one-unit increase in the PoF
category for external corrosion, which is dependent on the operating
temperature and the inspection results from the last inspection. There may
be no corrosion for several years, but once corrosion is initiated, the defects
can develop at a high rate.

Table 11-2 PoF Category for External Corrosion of Risers Depending on Inspection
Results

Inspection

Finding PoF Description

Insignificant 1 None of the inspection defect population challenges the
50% target level of the current pipeline MAOP.

Moderate 3 The most severe defect from the defect population that

shall challenge the 50% target level of the current
pipeline MAOP.

Significant 5 The most severe defect from the defect population that
shall challenge the 80% target level of the current
pipeline MAOP.

No inspection Time of “inspection” is set equal to commissioning/

or blank installation date.
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Table 11-3 Years of Operating for a One-Unit Increase in PoF Category for Eternal
Corrosion
Years of Operating for a One-Unit Increase in PoF
When Operating Temperature Is

Inspection Finding <40°C <40°C
Insignificant 4 3
Moderate 3 2
Significant 2 1
No inspection or blank 3 2

11.4.2.3. Internal Erosion

Erosion is not a common reason for pipeline failures. However, for high-
velocity fluid containing sand particles, erosion could occur, especially at
bends, at reduced diameters, and where pipeline connections or other
geometrical details are present.

Erosion is usually not a problem if the velocity is less than about 3 to 4
m/s. The erosion rate is proportional to the mass of sand in the fluid, and
large particles cause more severe erosion than smaller particles. The velocity
is a very important parameter when considering erosion, because the
erosion rate is proportional to the power of 2.5 to 3.0 for the velocity.

The defect characteristics of internal erosion can be similar to corrosion
defects, and the same inspection categorization as for corrosion defects
is used.

The PoF increases with time due to the potential growth of the erosion
defects. The erosion rate is dependent on the velocity of the product. High
velocities will result in a more rapid increase in the PoF, and the number of
years for a one-unit increase of PoF is therefore dependent on sand (product)
velocity.

Table 11-4 shows the operating years for a one-unit increase in PoF
category for internal erosion. If sand is not present, the PoF is constant with
time and equal to 1.

Table 11-4 Operating Years for a One-Unit Increase in PoF Category for Internal Erosion

Sand Velocity (V) Years of Unit Increase in PoF (years)
V< 3m/s 10

3m/s < V< 8m/s 3

V>8m/s 1

Unknown velocity 1
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11.4.2.4. External Impact
Damage due to an external impact may arise from dropped objects, anchor
impacts, anchor dragging, trawling, boat impacts on risers, fish-bombing, etc.
An external impact is an event-based damage reason, and if the annual
probability of an impact is constant, the PoF is also close to constant. An
inspection will have no or limited impact on the PoF, but it is still preferable
to inspect the line at regular intervals.
The PoF category for an external impact for a pipeline is based on the
following information:
*  Outcome of last inspection, if any;
*  Trawling activity;
* Pipeline diameter and concrete coating thickness;
¢ Buried;
* Marine operation activity.
Table 11-5 lists the PoF category for an external impact from trawling.
Table 11-6 shows the PoF category for marine operation activities. The PoF
category is independent of whether the line is buried or not.

11.4.2.5. Free-Spans

Free-spans occur in almost every pipeline, unless special conditions exist
(e.g., burial). Seabed scouring is one of the major reasons for free-spans.
Free-spans may be subject to in-line or cross-flow vibrations, which can
eventually lead to fatigue failure.

The PoF category at time of inspection is determined in Table 11-7
based on inspection findings for offshore pipelines only.

To assign an inspection program for free-spans, a detailed assessment
should be performed. The PoF in the initial assessment is assumed not to
increase with time to initiate a detailed assessment. For the PoF evaluation,
keep in mind that free-spans in soft soils tend to shift positions and change in
length. For free-span records in soft soil, special consideration is made for
a static span.

Table 11-5 PoF Categories for External Impact from Trawling
Description of Pipeline Condition PoF

Diameter < 8 1in.

8 in. < Diameter < 16 in.

Diameter > 16 in. and coating < 40 mm
Diameter > 16 in. and coating > 40 mm
Buried (all Diameter)

SN S N
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Table 11-6 PoF Categories for Marine Operations

Marine Operation
Activity

PoF Description

Low

Medium

High

1 Little or insignificant marine operation activity
in the area compared to the overall spectrum
of marine activity levels to which the total
pipeline assets are exposed (as compared to
historical marine activity for the pipeline
location and risk assessment studies).

3 Moderate marine activity compared to the

overall spectrum of marine activity levels to
which the total pipeline assets are exposed (as
compared to historical marine activity for the
pipeline location and risk assessment studies).

4 High marine activity compared to the overall

spectrum of marine activity levels to which
the total pipeline assets are exposed.

Table 11-7 PoF Category Dependent on Inspection Outcome of Maximum Free-Span

Length

Inspection Finding PoF Description

Insignificant 1 L/Diameter < 20

Moderate 3 20 < Length/Diameter < 30

Significant 5 Length/Diameter > 30, or dynamic spans
No inspection or blank 3 No inspection or blank

Dynamic free-span 5 The inspection history defines the span as

dynamic. Span developed on soft soil.

11.4.2.6. On-Bottom Stability
Oftshore pipelines may move under strong current conditions if the pipeline

has insufficient capacity to ensure on-bottom stability. Except for small-

diameter pipelines, a weight coating is often required to obtain sufficient

stability. Concrete coating is normally used as a weight coating. Such

a coating also protects the pipeline system against external impacts.

In an RBI qualitative assessment, the PoF category for the on-bottom

stability of a pipeline is based on the following information:

*  Outcome of last inspection, if any;

* Time since last inspection, if any;

¢ Buried or not;

* Location (onshore/offshore).
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Table 11-8 PoF Category Dependent on Inspection Outcome for On-bottom Stability
Inspection Finding PoF Description

Insignificant 1 No, or only insignificant, movement of
pipeline (displacement < 10 m). Whole
pipeline at deepwater, say, water deeper

than 150 m.
Moderate 3 Moderate lateral movements; no sharp
curves (10 m < displacement < 20 m).
Significant 5 Lateral movements resulting in

a nonpreferable condition; sharp curves;
signs of buckle or wrinkling; close to
debris or outside route corridor
(displacement > 20 m).

No inspection or blank 1 Time of “inspection” is set equal to
commissioning/installation date.

Table 11-8 shows the PoF category based on inspection findings when
the inspection determines the lateral movement is insignificant, moderate,
or significant.

11.4.3. Assessment of CoF Values

The CoF is measured in terms of safety, economic loss, and environmental
pollution.

11.4.3.1. Safety Consequences

Safety consequences considers personnel injury or loss of life, which can be
obtained from quantitative risk assessment (QRA) studies and presented in
terms of potential loss of life (PLL) [0]. Table 11-9 lists the safety consequence
rankings.

Table 11-9 Safety Consequence Rankings

CoF Factor CoF Identification Description

A Very low Personnel injury not likely.

B Low Potential minor injury; no lost time due to
injury or loss of life.

C Medium Potential lost time due to injury limited to

no more than one/a few persons. No
potential for fatalities.

D High Potential multiple lost time due to injury.
Potential for one fatality.

E Very high Potential for multiple fatalities.
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11.4.3.2. Economic Consequences

The direct economic loss should be the spill volume of oil or gas and the
repair costs. However, the deferred production time should be considered if
there is a need to repair equipment. The repair can be divided into two
parts, namely, consequences for a leak and consequences for a rupture. The
repair consequence is also dependent on the location of the failure (e.g.,
above water, splash zone area, or underwater). Economic consequences due
to a business interruption or deferred production relate to the costs due to
the shutdown of the pipeline. An important factor to be considered is the
redundancy in the system, whereby production is maintained by using by-
pass lines. Table 11-10 lists economic consequence rankings.

11.4.3.3. Environmental Consequences

Environmental consequences are concerned with the impact on the envi-
ronment of various types of product releases. The volume of oil dispersed in
water can be modeled using software called Adios.

The severity of any environmental pollution is determined by the
volume of oil dispersed in water and the local conditions, for example, the
fishing resources. The environmental pollution ranking is determined by
the recovery years of the natural resource, which is decided by the recovery
of the local resource and local governmental efforts. Table 11-11 shows the
environmental consequence rankings for different events.

11.4.4. Risk Identification and Criteria

Risk for a pipeline is calculated by this equation:

Risk = PoF x CoF

Note that risk criteria can be qualitative or quantitative. Table 11-12 lists
qualitative risk criteria.

Table 11-10 Economic Consequence Rankings
Costs Related to Loss of Production

Relative to Overall Field Production Throughput

CoF Factor CoF Identification (%) Comment

A Very low <2 Minor flowlines

B Low 2—5 Small flowlines

C Medium 5—10 Medium flowlines
D High 10—20 Important flowlines
E Very high > 20 Trunk lines
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Table 11-11 Environmental Consequence Rankings
CoF Factor CoF Identification Description

A Very low None, small, or insignificant impact on the
environment. There is either no release of
internal media or only insignificant release of
low toxic or nonpolluting media.

B Low Minor release of polluting or toxic media. The
released media will be dispersed, decompose,
or be neutralized rapidly by air or seawater.

C Medium Minor release of polluting or toxic media or large
release of low-polluting or toxic media. The
released media will take some time to disperse,
decompose, or be neutralized by air or
seawater, or can easily be removed.

D High Large releases of polluting and toxic media,
which can be removed, or will after some time
disperse, decompose, or be neutralized by air
or seawater.

E Very high Large release of highly polluting and toxic media,
which cannot be removed and will take a long
time to disperse, decompose, or be neutralized
by air or seawater.

Table 11-12 Qualitative Risk Criteria [6]
PoF Category  Annual Probability of Failure

5 Expected failure M H H VH VH
4 High M M H H VH
3 Medium L M M H H
2 Low VL L M M H
1 Virtually nil VL VL L M M
CoF of Failure Category A B C D E

11.5. SUBSEA TREE RBI

A subsea tree is critical equipment in the subsea field. It consists primarily of
a steel frame structure, connectors, valves, chokes, piping, tubing hanger,
control systems, and a cap. The monitor data for a tree focus on the
temperature, pressure, and sand conditions.

The RBI for a subsea tree can be thought an extension of a pipeline RBI
in that the methodology and principles are similar to those of the pipeline
RBI. The differences are that the RBI for a tree focuses on the degradation
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of equipment and the failure analysis of the components according to the
inspection data.

11.5.1. Subsea Tree RBI Process

This section gives an example of a subsea tree risk determination based on
many assumptions. The following steps are carried out for a subsea tree RBI
analysis:

*  Develop risk acceptance criteria.

* Collect information.

* Prepare a quantitative risk assessment.

* Generate an inspection plan.

* Input data into the inspection management system.

11.5.1.1. Collection of Information

The information collected for a subsea tree RBI includes design data,
operation data, and a corrosion/erosion study report. These data are used to
determine the PoF and CoE These data are also used to predict the risk and
establish an optimized inspection plan.

11.5.1.2. Risk Acceptance Criteria

Similar to the traditional pipeline RBI, the subsea equipment RBI risk bases
its quantifications on the aspects of safety, environment, and economy. Most
importantly, the safety class dependent on product, manned condition and
location class. If the product is toxic or the location is in a sensitive area, then
the safety class should be considered to be high.

Economic consequences are concerned with repair costs and production
losses due to the delay time. The relative throughput has been used as the
basis for quantification of the business consequences as shown earlier in
Figure 11-3.

11.5.1.3. Degradation Mechanisms and Failure Mode

The degradation mechanisms include primarily internal/external corrosion,
internal erosion, flow assurance problems, and mechanical damage. In the
OREDA database, subsea tree equipment is considered and failure data have
been recorded. A subsea tree is divided into the following parts:

* Chemical injection coupling;

¢ Connector;

*  Debris cap;

* Flow spool;
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* Hose (flexible piping);
* Hydraulic coupling;

* Piping (hard pipe);

* Tree cap;

o Tree guide frame;

e Valve, check;

e Valve, control;

e Valve, other;

* Valve, process isolation;
*  Valve utility isolation.

Tubing Hanger
* Chemical injection coupling;
* Hydraulic coupling;
» Power/signal coupler;
* Tubing hanger body;
* Tubing hanger isolation plug.
In the OREDA, the failure mode of a tree consists of the following items:
* External leakage-process medium;
* External leakage-utility medium;
e Fail to close/lock;
» Fail to function on demand;
* Fail to open/unlock;
* Internal leakage-process medium;
* Internal leakage-utility medium;
* Leakage in closed position;
e Loss of barrier;
* Loss of redundancy;
¢ No immediate effect;
¢ Other;
* Plugged/choked;
* Spurious operation;
+ Structural failure.

11.5.2. Subsea Tree Risk Assessment

In subsea tree RBI assessment, the PoF will be determined for different
failure mechanisms and for different components as illustrated in Section
11.3.5. The consequences can be identified in terms of economic loss
according to the repair times and repair costs.
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11.5.2.1. Failure Database from 2002 OREDA Database

The 2002 OREDA database is used as our starting point in calculating PoE
In the OREDA database, the failure rate is presented in form of three
categories: lower bound, best estimate, and upper bound.

For the process, the table titled “Failure Descriptor versus Failure
Mode, Wellhead & Xmas Tree” on page 835 of OREDA [2] should be used
as a reference for the failure data of the subsea tree components. In
Table 11-13, the failure modes of every component are summarized.

11.5.2.2. Failure Database Modlification

The failure data are statistical results deduced from the 2002 OR EDA database.
Note, however, that individual subsea equipment may have quite different
histories, properties, characteristics, and functions. Therefore, these values
require further modification based on the special conditions and properties of
the equipment in question and the experience of the engineer. For example, if
the material is high-strength steel, material failure can be neglected.

In the process of modification, the corrosion/erosion rate should be
calculated. Flow assurance problems and operating conditions should also be
analyzed.

We assume that the corrosion/erosion condition is not severe and that
the flow assurance problem is serious according to the Section 11.3.5.1.
Table 11-13 is a modified result from the OREDA table on page 835 [2], in
which ELP means External Leakage-Process Medium, FTS means Failure
to Start, FTQ means Failure to Open, PLU means Plugged, ELU means
External Leakage-Utility Medium, OTH means Others.

Table 11-13 Failure Descriptor versus Failure Mode for Christmas Tree

Component Descriptor ELP FTS FTO PLU ELU OTH
Connector Leakage 1
Flow spool Blockage 1
Hydraulic coupling Leakage 1
Piping Blockage 1
Tubing hanger body Control failure 1

Looseness 2
Tree guide frame Trawl board Impact 2
Valve, choke Blockage 1

Control failure 4

Leakage 6
Valve, process isolation Blockage 1

Leakage 3




Subsea Equipment RBI 317

11.5.2.3. PoF Identification
The methodology for PoF determination was illustrated earlier in Section
11.3.5. The failure rate of every tree component described in Section
11.3.5.1 should be calculated, and then the subsea tree PoF can be identi-
fied. Table 11-14 lists the failure rate of subsea tree components.
Choosing the low mean or the upper value depends on the experience
of the engineer, on operating conditions, and so on. In this example, we
assume that the failure rate of all parts is high, so the subsea tree failure rate
can be determined by the equation specified in Section 11.3.5. The result is
2.05 x 107 per hour or 1.8 x 1072 per year.

11.5.2.4. CoF Calculation

The consequence of the failure is mainly the economic loss due to the delay
time and the repair costs. The delay time can be determined according to
the OREDA database or the experience of the project engineers. In our
example, we assume that the delay time is 2 days. Then the total economic
loss can be identified according to the daily production capacity and repair
costs and in this case the CoF assigned is A.

The failure of tree components is unlikely to cause a large quantity of
leakage. Leakage is limited by the quick reaction of extensive valves and
sensors, so the main consequence is the economic loss due to the delay caused
by the repair. The economic CoF of the tree can be analyzed on the base of:
*  Product type;

* Flow rate;
* Delay time of production.

Table 11-1 shown in section 11.3.5.2 shows an example of a qualitative
CoF for tree failure. The overall field production throughput (%) can be
used to determine the CoE

Table 11-14 Failure Rate of Subsea Tree Components
Component/Failure Rate

(per hour) Low Mean Upper

Connector 0.24 x 1077 0.24 x 107° 0.2 x 1077
Flow spool 0.65 x 1077 0.65 x 107° 0.7 x 1077
Hydraulic coupling 0.4 x 107" 0.4 x 1077 037 x107°
Piping 0.1 x107° 01 %1077 096 x 107°
Tubing hanger body 0.11 x 1077 0.2 x 1077 0.1 x 107°
Tree guide frame 0.86 x 107° 024 x 1077 0.15 x 107°
Valve, choke 0.7 x 107/ 0.73 x 1077 0.25 x 107°

Valve, process isolation 0.75 x 1077 0.11 x 107° 0.5 x 107°
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11.5.2.5. Risk Determination

The risk can be qualitative or quantitative as illustrated in Section
11.3.5.3.The risk associated with the tree is acceptable according to the
assessment results.

11.5.3. Inspection Plan

Once the risk exceeds the acceptance risk, the subsea tree should be
inspected according to the risk results. According to the inspection meth-
odology, the failure data in the OREDA database should be modified
according to the different operating phase conditions, and a different type of
failure rate should be determined for the different operating phases, after
which the risk can be identified for the different phases.

11.6. SUBSEA MANIFOLD RBI

A manifold is an arrangement of piping and/or valves designed to combine,
distribute, control, and often monitor fluid flow. Subsea manifolds are
installed on the seabed within an array of wells to gather production fluids or
to inject water or gas into wells.

11.6.1. Degradation Mechanism

In the subsea manifold RBI, the following degradation mechanisms are
analyzed:

* Internal corrosion (IC);

» External corrosion (EC);

* Internal erosion (IE);

* External impact (EI).

11.6.2. Initial Assessment

11.6.2.1. CoF Identification

The CoF is divided into three categories with a qualitative ranking system:

»  Safety consequences: considers personnel injury or PLL;

»  Economic consequences: considered the repair costs and business loss due to
interruptions in production;

»  Environmental consequences: considers the impact of various types of
production release to the environment and the cost of cleanup.
Figure 11-6 is a workflow for PoF identification during the initial

assessment.
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[ Data Gathering ]

NO :
FoF=1 Inspection
record?
YES
[ Inspection result ]
- - - [ Time since last inspection ]
Lastinspection time= ]
Installation time J

[ Years for 1 unit increase in PoF ]

[ PoF value in analysis year ]

Figure 11-6 PoF Identification during Initial Assessment

11.6.2.2. Risk Criteria

During the initial assessment, the risk limit is settled as high. A risk level that
exceeds “high” risk is regarded as not acceptable. Table 11-12 (earlier in the
chapter) shows the criteria matrix.

11.6.2.3. Outcome

The objective of the initial assessment is to identify the risk level for each
degradation mechanism using a qualitative method. According to the frame
flowchart shown in Figure 11-6, if the risk level obtained in the initial
assessment is acceptable (i.e., risk level is below high), then a primary
inspection is carried out; if the risk level is not acceptable (i.e., risk level
exceeds high), more data are required, and the assessment will proceed to
a detailed assessment.

11.6.3. Detailed Assessment

11.6.3.1. Safety Class

The safety principles adopted are also risk principles, in which the target
annual PoF is dependent on the consequences of failure. The safety classes
for different manifolds are different, depending on the piping content
(product) and the location. The safety classes include:

* Safety class—high;



320 Y. Bai and Q. Bai

» Safety class—normal;
+ Safety class—low.

11.6.3.2. PoF Calculation

The PoF value for a detailed assessment is calculated at the quantitative level,
using a probability statistic methodology. The best distribution that reflects
actual conditions will be adopted as the basis of the theory. In the specific
CoF calculation, the following items are essential:

* The distribution of component capacity;

* The distribution of component subjected loading.

11.6.3.3. Target Criteria

Acceptable criteria for the detailed assessment are defined according to the
safety class level described in the Section 11.6.3.1.

* For safety class—high: target annual PoF is 10E-5;

* For safety class—normal: target annual PoF is 10E-4;

* For safety class—low: target annual PoF is 10E-3.

11.6.3.4. Outcome

The objective of the detailed assessment is to reassess the degradation
mechanisms that were classified as not acceptable during the initial assess-
ment using a quantitative method. According to the frame flowchart
described for an RBI, if the assessment result in the detailed assessment 1s
acceptable (the annual PoF is below the criteria target), then a further
inspection will be carried out; if the results are not acceptable (the annual

PoF exceeds the criteria target), then an immediate inspection will be
performed according to IRP and MRP.

11.6.4. Example for a Manifold RBI

The example that follows describes the specific work flow for a manifold
RBI assessment. In this example, we focus only on internal corrosion.
Internal corrosion on the manifold piping system was detected by pigging
via the MFL (Magnetic Flux Leakage) inspection method, assuming that
COs; is the only reason for the internal defect in the carbon steel material.
The defect depth and length are provided by a inspection report. As the
defects grow, the capacity will decrease. The RBI methodology for
a manifold will ensure that the system safety level is acceptable at any time.
The analysis follows.
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11.6.4.1. Initial Assessment
Input Data

The input data for the initial assessment are summarized in Table11-15.

Calculation
First the code B31G [7] is used to calculate the piping capacity subjected to
internal pressure only under a corrosion defect:

L
A = 0.893 —— = 0.845

VD-t

Because the value of A is larger than 0.4, the failure pressure is:
Peorr = 2-SMYS-t-F/D = 21.735 MPa

Because the value of Py, is greater than two times the MAOP, the
inspection finding in the inspection year is insignificant. So the PoF value
for the inspection year is 1 according to Table 11-16. Then the years step for
a one-unit increase in PoF is determined to be 4 years according to Table
11-17. So the PoF value is 3 after 9 years.

Second, we identify the CoF value for the corrosion defect. For input
data, the manned condition, piping diameter, and product are known.
Using Table 11-18, we can then identify the CoF value for safety, envi-
ronmental, and economic factors separately.

*  CoF value for safety factor is C;
e CoF value for environmental factor is D;
* CoF value for economic factors is D.

Table 11-15 Input Data for Initial Assessment

Parameters Value
Nominal outside diameter (mm) 406
Nominal wall thickness (mm) 12.7
Defect depth (mm) 4.2
Defect length (mm) 68

Material Grade

Product Type

Maximum allowable operating pressure (MPa)
Design factor

Last inspection year:

Corrosivity level:

Condition monitoring level

Manned condition

X70 (API5L)

O1l, semiprocessed
10

0.72

2000

Medium

Good

Manned
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Table 11-16 PoF Categories Dependent on Inspection Outcome for Internal Corrosion
Inspection finding PoF  Description

Insignificant 1 None of the inspection defect population
challenges the “2 times target” level of the
current pipeline MAOP.

Moderate 3 The most severe defect from the defect
population that challenges the “2 times target”
level of the current pipeline MAOP.

Significant 5 The most severe defect from the defect
population that challenges the “1.2 times
target” level of the current pipeline MAOP.

No inspection or blank 1 Time of “inspection” is set equal to
commissioning/installation date.

Table 11-17 Years of Operation for a One-Unit Increase in the PoF Category for Internal
Corrosion
Condition Monitoring Level

Corrosivity Good Normal Poor
High 1 1 1
Medium 4

Low 7 5 3

The final CoF value is chosen as the most severe value among the three
conditions; therefore, the final CoF value is D.

In the initial assessment, the risk level is expressed by a 5 X 5 matrix, and
the risk limit is high. In this example, the final risk in the initial assessment is
still “high,” which is obtained from the PoF multiplied by the CoF according
to the matrix in Table 11-12 in section 11.4.4. This result implies that the
risk level is not acceptable, so a more accurate detailed assessment is required.

11.6.4.2. Detailed Assessment

Input Data

The zone type is zone 2 and the inspection method for the pigging
is relative. Table 11-19 summarizes the input data for a detailed assessment.

Calculation

In the detailed assessment, the defect failure pressure has to be recalculated
using a more accurate method by taking the probability into consideration.
To predict the defect growth tendency, the corrosion rate of the defect also
needs to be assessed.



Table 11-18 General Consequence Model for RBI Initial Assessment for Loss of Containment
PRODUCT SAFETY ENVIRONMENT ECONOMY

Manned Occ Unmanned D <8in. D>8in. D>16in. D>32in. D<8in. D>8in. D> 16in. D > 32in.

Gas, well E D B B B B C B C D E
fluid

Gas, semiprocessed E CcC A A A A B B C D E

Gas, dry E CcC A A A A B B C D E

Oi1l, well fluid D C B B C D E B C D E

Oil, semiprocessed C B A B C D E B C D E

Oil, dry C B A B C D E B C D E

Condensate, E D B B B C D C D E E
well fluid

Condensate, E Cc A B B C D C D E E
semiprocessed

Condensate, dry E c A B B C D C D E E

Treated seawater B A A A A A A A B C D

Raw seawater B A A A A A A A B C D

Produced water B A A B B B C A B C D

19y uawdinb3 easgng

1343
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Table 11-19 Input Data for Detailed Assessment

Parameters Value
Confidence level of pigging (%) 80
Sizing accuracy of pigging (%) 10
Operating temperature (°C) 120
Operating pressure (MPa) 8
Water depth (m) 100
pH value of the product (kg/m”) 6
Product density (kg/m”) 780
Seawater density (kg/m”) 1250
Mole percent of CO; in the gas phase (%) 5
Volume flow of liquid (m?/day) 5184
Water cut (%) 25
Water cut at inversion point (%) 50
Specific gravity of gas relative to air 0.8
Gas compressibility (Z) 0.88
Pipe roughness (10E-6 m) 50
Viscosity of oil (Ns/m?) 0.0088
Maximum relative viscosity (relative to oil) 7.06
Viscosity of gas (Ns/m? 0.00004
Corrosion inhibitor (Fc) 0.85
Weight -percent of glycol (%) 60

First, the CO5 corrosion rate calculation module in the Norsok code

M-506 [4] is used to calculate the corrosion rate. According to the input

data, the middle variable values are shown below:

Kt =777

feco, = 5.282

f(pH), = 0.119
S =087

Cr = Kt 'fCOZ . <E

S > 0.146+0.0324~10g(f(302)

f(pH),"Fc = 0.18 Mm/year

Second, we check whether the failure probability in the current year 2009
is not acceptable as identified in the initial assessment. In the detailed assess-

ment, the probability of failure will be obtained via the quantitative method

in which a normal distribution loading and capacity distribution are used.
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Code DNV-RP F101 Part A [8] is used to calculate the failure pressure
capacity, P Nine years later, a new defect depth will be:

d =424+ Cr-9 = 5.82 mm
The new defect length is:
= 68-(1+ Cr-9/d) = 94.22 mm

Then,P L 2-1-f, . (1 —yd-(d/1)*)
corr m (D—t) (l_fyd<d/t)*/Q)

Q= \/1+0.31(

(d/t)" = d/t+ed-StD = 0.539

= 16.6 MPa

)2 = 1.238

g-

To use the normal distribution to calculate the probability of failure, we
have to know the loading distribution, which contains the operating
pressure and the associated deviation. The deviation is the default value of
0.05 times the operating pressure. The capacity distribution contains Peq,p
and the deviation. The capacity deviation is expressed by StD* P ;.

2P o2 — OP?

V/ Peors? - StD? + 0.052- OP2

¢

StD = 0.078

3Then look for the normal distribution table and use the value of ¢ =
6.33. Before the analysis is performed, the probability of failure is
identified to an acceptable limit, which is determined by the safety class,
which is in turn determined by zone type, manned condition, and product.
In this example, the safety class is “high” according to Table 11-20,
and the limit PoF is 0.00001 according to the criteria described in the
Section 11.6.3.3.

From the normal distribution, the PoF value is equal to 0.00001, which
means Qi is equal to 4.5. Therefore, the PoF is acceptable because ¢ is
larger than Q.

In next job, we will predict when the PoF will exceed the limit 0.00001.
To do so, we need to recalculate the value of ¢ year by year using the same
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Table 11-20 Safety Class Identification Criteria
Manned and Occasionally

Unmanned Manned
Product Zone 1 and Zone 2 Zonel Zone 2
Gas, well fluid Normal Normal High
Gas, semiprocessed Normal Normal High
Gas, dry Normal Normal High
Oil, well fluid Normal Normal High
Oil, semiprocessed Normal Normal High
Oil, dry Normal Normal High
Condensate, well fluid Normal Normal High
Condensate, Normal Normal High
semiprocessed

Condensate, dry Normal Normal High
Treated seawater Low Low Normal
Raw seawater Low Low Normal
Produced water Low Low Normal

step performed above until @ is larger than 4.5. In this example, the result is
the year 2014.
New defect depth:

d =424 Cr-14 = 6.72 mm
New defect length:
L =68-(1+Cr-9/d) = 108 mm
Then

20f, (1= yd-(d/1)")

Peorr = Y+ : = 12.72 MP
D=0 (1= yd-(d)1)] Q) !

L 2
= 1 0.31 = 1.304
. W (L)

(d/t)" = d/t+ed-StD = 0.609

Pcorr2 - OP2
¢ = = 4.4
v/ Peors? - StD? + 0.052- OP2

So, the PoF value will exceed 0.00001 in 2014.
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11.6.4.3. Inspection Planning

In RBI assessment, the inspection plan should be established based on both
initial assessment and detailed assessment. However, the detailed assessment
result is the major factor. So the RBI competence group should make an
inspection schedule and perform the inspection in 2014 for the internal
corrosion degradation mechanism.

11.7. RBI OUTPUT AND BENEFITS

The results of the RBI analysis are the inspection strategies with speci-
fication of components to inspect, locations to inspect, inspection
methods to use, time intervals between the inspections, and the coverage
assumed at the different inspections. The results of the inspections are
used to update the modes for deterioration and thus to modify future
inspection plans in accordance with the performance of the inspected
components.

The results of the RBI analysis are inspection plans for subsea
equipment that, on an overall basis, satisfy the acceptance criteria and at
the same time minimize the economical risk for the operator of the
facility.

RBI planning is a systematic approach to an installation-specific, cost—
effective, and targeted inspection strategy for operation within acceptable
safety, economic, and environmental criteria.

The RBI assessment may cause changes to the existing inspection plan.
Any change will be based on balancing risk, that is, on balancing inspections
to meet the acceptance criteria. By postponing costly inspections there is
a potential of cost savings on inspection.
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12.1. INTRODUCTION

Flow assurance is an engineering analysis process that is used to ensure that
hydrocarbon fluids are transmitted economically from the reservoir to the
end user over the life of a project in any environment. With flow assurance,
our knowledge of fluid properties and thermal-hydraulic analyses of
a system are utilized to develop strategies for controlling solids such as
hydrates, wax, asphaltenes, and scale from the system.

The term flow assurance was first used by Petrobras in the early 1990s; it
originally referred to only the thermal hydraulics and production chemistry
issues encountered during oil and gas production. Although the term is
relatively new, the problems related to flow assurance have been a critical
issue in the oil/gas industry from very early days. Hydrates were observed to
cause blockages in gas pipelines as early as the 1930s and were solved with
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chemical inhibition using methanol, as documented in the pioneering work
of Hammerschmidt [1].

12.1.1. Flow Assurance Challenges

Flow assurance analysis is a recognized critical part of the design and
operation of subsea oil/gas systems. Flow assurance challenges focus mainly
on the prevention and control of solid deposits that could potentially block
the flow of product. The solids of concern generally are hydrates, wax, and
asphaltenes. Sometimes scale and sand are also included. For a given
hydrocarbon fluid, these solids appear at certain combinations of pressure
and temperature and deposit on the walls of the production equipment and
flowlines. Figure 12-1 shows the hydrate and wax depositions formed in
hydrocarbons flowlines, which ultimately may cause plugging and flow
stoppage.
The solids control strategies used for hydrates, wax, and asphaltenes
include the following:
*  Thermodynamic control: Keep the pressure and temperature of the entire
system out of the regions where the solids may form.
*  Kinetic control: Control the conditions under which solids form so that
deposits do not form.
*  Mechanical control: Allow solids to deposit, but periodically removing
them by pigging.
Flow assurance has become more challenging in recent years in subsea
field developments involving long-distance tie-backs and deepwater. The
challenges include a combination of low temperature, high hydrostatic

Hydrate Wax
Figure 12-1 Solid Depositions Formed in Hydrocarbon Flowlines [2]
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pressure for deepwater and economic reasons for long offsets. The solu-
tions to solids deposition problems in subsea systems are different for gas
versus oil systems.

For gas systems, the main concern of solids usually is hydrates [3].
Continuous inhibition with either methanol or mono-ethylene-glycol
(MEG) is a common and robust solution, but low-dosage hydrate inhibitors
(LDIs) are finding more applications in gas systems. The systems using
methanol for inhibition are generally operated on a once-through basis. The
methanol partitions into gas and water phases and is difficult to recover.
Systems using MEG on the other hand normally involve the reclamation of
MEG. If a hydrate plug forms, the remediation method may be
a depressurization.

For oil systems, both hydrates and paraffins are critical issues. In the
Gulf of Mexico (GoM), a blowdown strategy is commonly used [4]. The
strategy relies on the insulation coating on the flowline to keep the fluids
out of the hydrate and paraffin deposition regions during operation.
During start-ups and shutdowns, a combination of inhibition, depressur-
ization, and oil displacement is performed to prevent hydrate and paraffin
deposition. Wax is removed by pigging. The strategy is effective, but
depends on successful execution of relatively complex operational
sequences. If a hydrate plug forms, it is necessary to depressurize the line
to a pressure usually below 200 psi for a deepwater subsea system and wait
for the plug to disassociate, which could take a very long time in a well-
insulated oil system.

12.1.2. Flow Assurance Concerns

Flow assurance is only successful when the operations generate a reliable,
manageable, and profitable flow of hydrocarbon fluids from the reservoir to
the end user. Some flow assurance concerns are:

o System deliverability: Pressure drop versus production, pipeline size and
pressure boosting, and slugging and emulsion. These topics are discussed
in detail in Chapter 13 on hydraulics.

*  Thermal behavior: Temperature distribution and temperature changes due
to start-up and shutdown, and insulation options and heating require-
ments. These topics are discussed in Chapter 14 on heat transfer and
thermal insulation.

o Solids and chemistry inhibitors: Hydrates, waxes, asphaltenes, and scaling.
These topics are discussed in Chapters 15, 16, 17, and 18.
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12.2. TYPICAL FLOW ASSURANCE PROCESS

As mentioned earlier, flow assurance is an engineering analysis process of
developing a design and operating guidelines for the control of solids
deposition in subsea systems. Depending on the characteristics of the
hydrocarbons fluids to be produced, the processes corrosion, scale deposi-
tion, and erosion may also be considered in the flow assurance process. The
main part of the flow assurance analysis should be done prior to or during
the earlier front-end engineering and design (FEED) process. The
requirements for each project are different and, therefore, project-specific
strategies are required for flow assurance problems. However, during the
past several decades, the flow assurance process itself has become stan-
dardized, and a typical procedure is shown in Figure 12-2. The main issues
associated with the flow assurance process are as follows:
* Fluid characterization and flow property assessments;
* Steady-state hydraulic and thermal performance analyses;
* Transient flow hydraulic and thermal performance analyses;
* System design and operating philosophy for flow assurance issues.
Detailed explanations for each issue are given in the following
sections. Some issues may occur in parallel, and there is considerable
“looping back” to earlier steps when new information, such as a refined
fluids analysis or a revised reservoir performance curve, becomes available.

12.2.1. Fluid Characterization and Property Assessments

The validity of the flow assurance process is dependent on careful analyses of
samples from the wellbores. In the absence of samples, an analogous fluid,
such as one from a nearby well in production, may be used. This always
entails significant risks because fluid properties may vary widely, even within
the same reservoir. The key fluid analyses for the sampled fluid are PVT
properties, such as phase composition, GOR (gas/oil ratio), and bubble
point; wax properties, such as cloud point, pour point, or WAT; and
asphaltene stability.

Knowledge of the anticipated produced water salinity is also important,
but water samples are seldom available and the salinity is typically calculated
from resistivity logs. The composition of the brine is an important factor in
the hydrate prediction and scaling tendency assessment. In cases where
a brine sample is not available, predictions about composition can be made
based on information in an extensive database of brine composition for
deepwater locations.



Subsea System Engineering 335

' . N\
(. . Fluid properties:
Fluid characterization and analyses: PVTd "
Lo L . ata, wax properties;
« validation and characterization of |:> « hydrate Cl’l:\\ll;‘ properties;
data for reservoir and fluid; i
. . . P « asphaltene stability and scale;
« identify flow assurance issues. R . .
 emulsion, corrosion and erosion.
- J
@ / i 2\
Concept design:
Preliminary steady state thermal ° ﬂowline pressure and flow rate;
and hydraulics analyses. :,; * flowline size;
« maximum allowable slug size;
.

flowline insulation.
Il \ .

Preliminary transient thermal & * warm-up tlme§ and chemical
hydraulics analyses: injection requirements;
* start-up & shut-down; :> * insulation requirements;
« process interruptions; . trax;sllenllr;sponse in early, mid
* blow down & warm up; and late life; o
* risk and safe condition analysis. * basic ﬂOW blockage remediation.
strategies )

g

Re-evaluation of flow assurance issues <:| OPEX & CAPEX for various concept
for a preferred concept. designs to get preferred concept.

4

« detailed operation logic;

Detailed analyses of flow assurance « chemical injection type & rates;
issues for system design and operation :> ¢ chemical storage volumes;
procedures. « host facilities requirements.

AN

4 il
=

Figure 12-2 Typical Flow Assurance Process

Update flow assurance risk management
plan and develop operation guidelines

Final OPEX & CAPEX and tender
packages

The hydrate stability curves are developed based on PVT data and
salinity estimates, and methanol dosing requirements are also obtained. A
thermal-hydraulic model of the well(s) is developed to generate flowing
wellhead temperatures and pressures for a range of production conditions.
Then wellbore temperature transient analyses are carried out. Figure 12-3
demonstrates typical production profiles for oil, water, and gas for which the
water content increases with time. Water content (water cut) is very
important when choosing a flow assurance strategy to prevent hydrate
formation.

Hydrate stability curves show the stability of natural gas hydrates as
a function of pressure and temperature, which can be calculated based on
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Figure 12-3 Typical Oil, Water, and Gas Production Profiles with Time

the hydrocarbon phase and aqueous phase compositions. A thermodynamic
package such as Multiflash is used for the calculations. The hydrate curves
define the temperature and pressure envelope. The dosing calculations of
the hydrate inhibitor, such as methanol or MEG, indicate how much
inhibitor must be added to the produced water at a given system pressure to
ensure that hydrates will not form at the given temperature. Hydrate
inhibitor dosing is used to control hydrate formation when system
temperatures drop into the range in which hydrates are stable during the
steady state or transient state of a subsea system during start-up, normal
operations, and shutdown. The inhibitor dosing requirements are used to
determine the requirements for the inhibitor storage, pumping capacities,
and number and size of inhibitor flowlines in order to ensure that the
inhibitor can be delivered at the required rates for treating a well and subsea
system during start-up, normal operation, and shutdown.
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12.2.2. Steady-State Hydraulic and Thermal Performance
Analyses

The steady-state flowline model can be generated with software such as

PIPESIM or HYSYS. Steady-state modeling has several objectives:

* To determine the relationship between flow rate and pressure drop along
the flowline. The flowline size is decided based on the maximum
allowable flow rate and the minimum allowable flow rate.

* To check temperature and pressure distributions along flowlines in
a steady-state condition to ensure that the flowline never enters the
hydrate-forming region during steady-state operation.

* To choose an insulation combination that prevents the temperature at
the riser base of a tie-back subsea system from falling below the
minimum value for cooldown at the maximum range of production
rates. The riser base temperature is determined as a function of flow rate
and the combined wellbore/flowline insulation system.

* To determine the maximum flow rate in the system to ensure that arrival
temperatures do not exceed any upper limits set by the separation and
dehydration processes or by the equipment design.

12.2.3. Transient Flow Hydraulic and Thermal Performances
Analyses

Transient flowline system models can be constructed with software packages

such as OLGA and ProFES. Transient flowline analyses generally include

the following scenarios:

* Start-up and shutdown;

* Emergent interruptions;

*  Blowdown and warm-up;

*  Ramp up/down;

* Oil displacement;

* Pigging/slugging.

During these scenarios, fluid temperatures in the system must exceed the
hydrate dissociation temperature corresponding to the pressure at every
location; otherwise, a combination of an insulated pipeline and the injection
of chemical inhibitors into the fluid must be simulated in the transient
processes to prevent hydrate formation.

12.2.3.1. Start-Up
Hydrate inhibitor should generally be injected downhole and at the tree
during start-up. When the start-up rate is high, inhibitor is not required
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downhole, but the hydrocarbon flow should be treated with inhibitors at the
tree. Otherwise, the hydrocarbon flow is required to be treated with
inhibitors downhole. Once the tree is outside the hydrate region, hydrate
inhibitor can be injected at the tree and the flow rate increased to achieve
system warm-up. The start-up scenario is different for the combination of
a cold well with a cold flowline and a hot flowline.

12.2.3.2. Shutdown

Shutdown scenarios include planned shutdowns and unplanned shutdowns
from a steady state and unplanned shutdowns during warm-up. In general,
the planned and unplanned shutdowns from the steady state are the same
with the exception that for a planned shutdown, hydrate inhibitor can be
injected into the system prior to shutdown. Once the system is filled with
inhibited product fluids, no further inhibitor injection or depressurization is
needed prior to start-up.

After shutdown, the flowline temperature will decrease because of heat
transfer from the system to surrounding water. The insulation system of
the flowline is designed to keep the temperature of fluids above the
hydrate dissociation temperature until the “no-touch time” has passed.
When considering minimum cooldown times, the “no-touch time” is the
one in which operators can try to correct problems without having to
take any action to protect the subsea system from hydrates. Operators
always want a longer “no-touch time,” but it is a cost/benefit balancing
problem and is decided on a project-by-project basis. Analyses of platform
operation experience in West Africa indicate that many typical process
and instrumentation interruptions can be analyzed and corrected in 6 to 8
hours.

Let’s use a tie-back subsea system in West Africa as an example. If the
system is shut down from a steady state, the first step is to see if the system
can be restarted within 2 hours. If so, start-up should begin. If not, one
option for hydrate control is for the riser to be bullheaded with MeOH (if
MeOH is chosen as a hydrate inhibitor) to ensure that no hydrates can
form in the base of the riser where fluids are collecting. Next the tree
piping will be dosed with methanol. After that, the fluid in the flowline
will begin to be fully treated with methanol. Once 8 hours have passed,
operators must determine if the system can be started up or not. If it can
be started, they will proceed to the start-up procedure outlined previously.
If it cannot be started up, the flowlines will be depressurized. The
intention of depressurization is to reduce the hydrate dissociation
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Table 12-1 Unplanned Shutdown Sequence of Events

Time (hr) Activity

0 Shutdown

3 No-touch time

6 Blowdown with gas-lift assist Jumper/tree, MeOH injection
12 Dead oil displacement

temperature to below the ambient sea temperature. Once the flowlines
have been depressurized, the flowlines, jumpers, and trees are in a safe
state. If the wells have been shutdown for 2 days without a system restart,
then the wellbores need to be bullheaded with MeOH to fill the volume
of the wellbore down to the SCSSV. Once these steps have been taken, the
entire system is safe.

Table 12-1 shows a typical sequence of events during an unplanned
shutdown of a flowline system for the tie-back subsea system in West Africa.
The shutdown event is followed by 3 hours of no-touch time. After these 3
hours, the wellbore and the jumpers are treated with methanol. Simulta-
neously, the flowline is depressurized. To ensure that this procedure can be
finished in 3 hours, the blowdown is carried out with a gas-lift assist.
Blowdown is followed by dead oil displacement.

12.2.3.3. Blowdown

To keep the flowline system out of the hydrate-forming region when the
shutdown time is longer than the cooldown period, flowline blowdown
or depressurization may be an option. The transient simulation of this
scenario shows how long blowdown and liquid carryover during blow-
down take. The simulation also indicates whether the target pressure to
avoid hydrate formation can be reached. Figure 12-4 shows that shorter
blowdown times are accompanied by greater liquid carryover. The
blowdown rate may also need to be limited to reduce the amount of
Joule-Thompson cooling downstream of the blowdown valve, to prevent
the possibility of brittle fracture of the flowline. During blowdown,
sufficient gas must evolve to ensure that the remaining volume of dep-
ressurized fluids exerts a hydrostatic pressure that is less than the hydrate
dissociation pressure at ambient temperature. Until the blowdown crite-
rion is met, the only way to protect the flowline from hydrate formation
is to inject inhibitor.
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12.2.3.4. Warm-Up

During the warm-up process, hydrate inhibitor must be injected until the
flowline temperatures exceed the hydrate dissociation temperature at every
location for a given pressure. Figure 12-5 shows the effects of insulation
material on the warm-up time. Hot oiling has two beneficial effects. First, it
reduces or eliminates the time required to reach the hydrate dissociation
temperature in the flowline. Once the minimum void fraction has been
reached, methanol injection can be safely stopped. Reduction of the
methanol injection time is a tremendous advantage for projects with limited
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Figure 12-5 Effect of Flowline Insulation on Warm-Up from Cold Earth [5]
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available methanol volumes. Hot oiling also warms up the pipeline and
surrounding earth, resulting in a much longer cooldown time during the
warm-up period than is accomplished by warming with product fluids. This
gives more flexibility at those times when the system must be shutdown
before it has reached steady state.

12.2.3.5. Riser Cooldown
The most vulnerable portion of the subsea system, in terms of hydrate
formation, is typically the riser base. The steady-state temperatures at the
riser base are near the lowest point in the whole system. The available riser
insulation systems are not as effective as the pipe-in-pipe insulation that is
used for some flowlines. The riser is subject to more convective heat transfer
because it has a higher current velocity than a pipeline and, finally, it may be
partially or completely gas filled during shutdown conditions, leading to
much more rapid cooling.

The desired cooldown time before the temperature at the riser base
reaches the hydrate temperature, is determined by the following formula:

tmin = o touch T freat T folowdown (12_1)

where

Fnin: minimum cooldown time, in hours;

fho touch: MO touch time, 2 to 3 hours;

frreat: time to treat wellbores, trees, jumpers, and manifolds with

inhibitors, in hours;

fhlowdown: time to blow down flowlines, in hours.

Cooldown times are typically on the order of 12to 24 hours. Figure 12-6
shows cooldown curves for an 8—in. oil riser with various insulation
materials. The increase in the desired cooldown time requires better
flowline insulation and or higher minimum production rates. The desired
cooldown dictates a minimum riser base temperature for a given riser
insulation system. This temperature becomes the target to be reached or
exceeded during steady-state operation of the flowline system.

12.3. SYSTEM DESIGN AND OPERABILITY

In a system design, the entire system from the reservoir to the end user has to
be considered to determine applicable operating parameters; flow diameters
and flow rates; insulation for tubing, flowlines, and manifolds; chemical
injection requirements; host facilities; operating strategies and procedures;
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etc., to ensure that the entire system can be built and operated successfully

and economically. All production modes, including start-up, steady state,

flow rate change, and shutdown throughout the system life, must be
considered.

Operating strategies and procedures for successful system designs are
developed with system unknowns and uncertainties in mind and can be
readily adapted to work with the existing system, even when that is different
from that assumed during design. In deepwater projects, the objective of
operating strategies is to avoid the formation of hydrate or wax plugs at any
time, especially hydrates in the subsea system including wellbores, trees, well
jumpers, manifold, and flowlines during system operation.

Although the operations are time, temperature, and pressure dependent,
a typical operating procedure is as follows:

*  Operate the flowlines in an underpacked condition during steady state;
for example, maintain a sufficient gas void fraction to allow successful
depressurization to below the hydrate dissociation pressure at ambient
temperatures.

* For a platform shutdown, close the boarding valves and tree as close to
simultaneously as possible in order to trap the underpacked condition.

* Design the insulation system to provide enough cooldown time to
address facility problems before remedial action is needed, and perform
the interventions.

* Inject hydrate inhibitor into the well, tree, jumpers, and manifolds.
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* Blow down the flowline to the pressure of fluid below the hydrate-
forming pressure.

*  Flush flowlines with hot oil prior to restart from a blowdown condition.

+ Start up the wells in stages, while injecting hydrate inhibitor. Continue
hydrate inhibitor injection until the warm-up period for the well, tree,
jumpers, and manifold has passed and enough gas has entered the
flowline to permit blowdown.

The systems are normally designed to have a 3-hr no-touch time during
which no hydrate prevention actions are required. Blowdown is carried out
only during longer, less frequent shutdowns, and about three times per year.
The logic charts for start-up and shutdown serve as an outline for the oper-
ating guidelines. Figure 12-7 shows a typical logic start-up chart for the cold
well start-up of a deepwater field. The start-up logic begins with the pigging
of the flowlines, assuming the flowlines have been blown down. The flowlines
must be pigged to remove any residual, uninhibited fluids from them. The
flowlines are then pressured up to system pressure to avoid any problems
caused by a severe pressure drop across the subsea choke and to make manifold
valve equalization easier when itis time to switch flowlines. The nextstep is to
start up the well that heats up the fastest, remembering to inject hydrate
inhibitor at upstream of the choke while this well is ramping up. When the
system is heated, hydrate inhibitor injection can stop. For this case, once the
tree has reached 150°F MeOH injection can be stopped. The temperature of
150°F has been determined to provide 8 hr of cooldown for the tree.

12.3.1. Well Start-Up and Shut-Down

Figure 12-8 shows a simplified typical tree schematic. The subsea tree’s
production wing valve (PWV) is designated as the underwater safety valve
(USV). The production master valve (PMV) is manufactured to USV
specifications, but will only be designated for use as the USV if necessary.
The well has a remotely adjustable subsea choke to control flow. The subsea
choke is used to minimize throttling across the subsea valves during start-up
and shutdown.

12.3.1.1. Well Start-Up

The following start-up philosophies are used for cases in which well start-up

poses a risk for flowline blockage, particularly if a hydrate blockage is sus-

pected based on the flow assurance study from the design phase:

*  Wells will be started up at a rate that allows minimum warm-up time,
while considering drawdown limitations. There will be a minimum flow
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Figure 12-7 Operating Logic Chart of Start-Up for a Cold Well and a Cold Flowline

rate below which thermal losses across the system will keep the fluids in
the hydrate-formation region.

* [t may not be possible to fully inhibit hydrates at all water cuts, partic-
ularly in the wellbore. High water-cut wells will be brought on line
without being fully inhibited. Procedures will be developed to minimize
the risk of blockage if an unexpected shutdown occurs.

* The system is designed to inject hydrate inhibitor (typically methanol) at
the tree during start-up or shutdown. The methanol injected during
initial start-up will inhibit the well jumpers, manifold, and flowline if
start-up 1s interrupted and blowdown is not yet possible.
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12.3.1.2. Well Shut-down

Well shutdown also poses a significant hydrate risk. The following philos-

ophies may be adopted during shutdown operations:

* The subsea methanol injection system is capable of treating or displacing
produced fluids with hydrate inhibitor between the manifold and
SCSSV following well shutdown to prevent hydrate formation.

* Hydrate prevention in the flowlines is accomplished by blowing the
flowline pressure down to less than the hydrate-formation pressure at
ambient seabed temperatures.

*  Most well shut-downs will be due to short-duration host facility shut-
downs. The subsea trees, jumpers, and flowlines are insulated to slow the
cooling process and allow the wells to be restarted without having to
initiate a full shutdown operation.

12.3.2. Flowline Blowdown

12.3.2.1. Why Do We Blow Down?

The temperature of a flowline system is kept from forming hydrates by the
heat from the reservoir fluids moving through the subsea flowlines during
steady-state operation. When well shutdown occurs, and the pressure in the
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system is still high but the temperature of the system will decrease as heat is
transferred to the ambient environment, hydrates may form in the flowline.
Once the blowdown of the fluid pressures to below the hydrate-formation
pressure corresponding to the environmental temperature has been per-
formed, it is sate—from the hydrate-formation point of the view—to leave
the system in this condition indefinitely.

12.3.2.2. When Do We Blow Down?

The blowdown is carried out based on several factors:
* Flowline pressure;

* Available thermal energy in the system;

* Ability of the insulation to retain heat.

When the flowline is shut down, the countdown to the hydrate-
formation temperature begins. Several hours of no-touch cooldown time is
expended before hydrate inhibitor injection or blowdown is required. The
base of the risers is the most at risk for hydrate formation in a subsea tie-back
system. Riser bases have the least amount of insulation, lowest temperature
fluid at the seafloor, and, once the system is shutdown, fluids in the vertical
section condense and flow downbhill to pool at the riser base. Therefore, this
section of the flowline must be treated early to prevent hydrate formation.
The hydrate inhibitor is injected at the platform and this will mix with the
fluids at the riser base and will effectively lower the temperature at which
gas/water interfaces form hydrates. This will allow us to avoid blowdown
for several more hours.

Once a blowdown operation has begun, the topside PLC timer is used to
determine the length of time to blow the system down. Following a shut-
down, all of the flowlines will need to be completely blown down by the
end of 12th hour, which is different depending on the project’s requirement.
Following an extended shutdown that resulted in blowdown of the subsea
system, the remaining fluids must be removed from the flowlines before the
flowlines can be repressurized. The fluids remaining in the flowlines will
have water present and the temperature will be the same as the water
temperature. When cold, high-pressure gas is introduced to water, hydrates
can form. One option is pigging the flowline to remove residual fluids;
sometimes displacement with hot oil is performed without pigging. Prior to
beginning a pigging operation, ensure that adequate quantities of methanol
are on board the platform for start-up operations and subsequent shutdown
or aborted start-up.
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13.1. INTRODUCTION

To ensure system deliverability of hydrocarbon products from one point in
the flowline to another, the accurate prediction of the hydraulic behavior
in the flowline is essential. From the reservoir to the end user, the
hydrocarbon flow is impacted by the thermal behavior of the heat transfer
and phase changes of the fluid in the system. The hydraulic analysis
method used and its results are difterent for different fluid phases and flow
patterns. To solve a hydrocarbon hydraulic problem with heat transfer and
phase changes, adequate knowledge of fluid mechanics, thermodynamics,
heat transfer, vapor/liquid equilibrium, and fluid physical properties for
multicomponent hydrocarbon systems is needed. In this chapter, the
composition and phase behavior of hydrocarbons are explained first. Then,
the hydraulic analyses for single-phase flow and multiphase flow, which
include pressure drop versus production flow rate and pipeline sizing, are
discussed.
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13.2. COMPOSITION AND PROPERTIES OF HYDROCARBONS
13.2.1. Hydrocarbon Composition

The petroleum fluids from reservoirs normally are multiphase and multi-
component mixtures, primarily consisting of hydrocarbons, which can be
classified into the following three groups:

e Paraffins;

* Naphthenes;

* Aromatics.

In addition to hydrocarbons, water (H,O), nitrogen (Nj), carbon
dioxide (COy), hydrogen sulfide (H5S), salts, and solids are often found in
petroleum mixtures.

Table 13-1 lists some typical physical properties of the main components
of petroleum. The boiling point of hydrocarbon components increases with

Table 13-1 Physical Properties of Main Petroleum Components [1]

Boiling Temperature Density at 1 atm

Component Formula at 1 atm (°C) and 15°C (g/cm?®)

Paraffins
Methane CH, —161.5 —
Ethane C,Hq —88.3 —
Propane CsHg —42.2 —
i-Butone C4H1() —10.2 —
n-Butane C4Hy —0.6 —
n-Pentane CsHi» 36.2 0.626
n-Hexane CgHyy 69.0 0.659
i-Octane CgHig 99.3 0.692
n-Decane CioHao 174.0 0.730
Naphthenes
Cyclopentane C,yHg 49.5 0.745
Methyl cyclo-pentane C,Hg 71.8 0.754
Cyclohexane C,Hg 81.4 0.779
Aromatics
Benzene CeHg 80.1 0.885
Toluene C;Hg 110.6 0.867
0-Xylene CgH; 144.4 0.880
Naphthalene CioHg 217.9 0.971
Others
Nitrogen N, —195.8 —
Carbon dioxide CO, —78.4 —

Hydrogen sulfide H,S —60.3 —
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Table 13-2 Typical Composition of a Gas Condensate [2]

Component Composition (mol %)
Hydrogen sulfide H,S 0.05
Carbon dioxide CO, 6.50
Nitrogen N, 11.71
Methane Cy 79.06
Ethane C, 1.62
Propane Cs 0.35
i-Butane i-Cy 0.08
n-Butane Cy 0.10
i-pentane i-Cs 0.04
n-Pentane Csg 0.04
Hexanes Ce 0.06
Heptanes Plus C+ 0.39

an increase in the carbon number of the component formula. If the carbon
number of a component is less than 5, the component is in the gas phase at
atmospheric pressure. When the mixture contains larger molecules, it is
a liquid at normal temperatures and pressures. A typical petroleum fluid
contains thousands of different chemical compounds, and trying to separate
it into different chemical homogeneous compounds is impractical. A
composition of gas condensate is shown in Table 13-2. In the usual
composition list of hydrocarbons, the last hydrocarbon is marked with
a “4.” which indicates a pseudo-component, and lumps together all of the
heavier components.

The characterization of a pseudo-component including its molecular
weight, density, pseudo-critical properties, and other parameters should be
calculated ahead of the flow assurance analysis (see Chapter 12). The
characterization should be based on experimental data and analyses. As
shown in Table 13-2, hydrocarbon isotropic compounds with the same
formula and carbon atom numbers may have very different normal boiling
points and other physical properties.

13.2.2. Equation of State

For oil and gas mixtures, the phase behavior and physical properties such as
densities, viscosities, and enthalpies are uniquely determined by the state of
the system. The equations of state (EOS) for petroleum mixtures are
mathematical relations between volume, pressure, temperature, and
composition, which are used for describing the system state and transitions
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between states. Most thermodynamic and transport properties in engi-
neering analyses are derived from the EOS. Since 1873, when the first EOS
for representation of real systems was developed by the van der Waals,
hundreds of different EOSs have been proposed and they are distinguished
by Leland [3] into four families:

1. van der Waals family;

2. Benedict-Webb-Rubin family;

3. Reference-fluid equations;

4. Augmented-rigid-body equations.

The cubic equations of the van der Waals family are widely used in the
oil and gas industry for engineering calculations because of their simplicity
and relative accuracy for describing multiphase mixtures. The simple cubic
equations of state, Soave-Redlich-Kwong (SRK) and Peng-Robinson
(PR), are used in flow assurance software (e.g., PIPESIM). They require
limited pure component data and are robust and efficient, and usually give
broadly similar results.

The SRK Equation [4]
_ RT a 131
L A B (13-1)
where p is the pressure, T'is the temperature, v is the molar volume, R is the
gas constant, and a and b are the EOS constants, which are determined by
the critical conditions for a pure component:

RZ 2
a = 0.42748 /—<[1 + m(1 — VT,
Pc
RT,
b = 0.08664 /—
Pe

And m = 0.480 + 1.574 & — 0.176 w?, where ® is an acentric factor. For
a mixture, a and b are found as follows:

a = Z ZZiZja,'j
i
b= zb

where z; and z; are the mole fraction of components i and j, respectively,
and a; = ,/@a;j(1 — k;j), where kjj is a binary interaction coefficient,
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which is usually considered equal to zero for hydrocarbon/hydrocarbon
interactions, and different from zero for interactions between a hydro-
carbon and a nonhydrocarbon, and between unlike pairs of
nonhydrocarbons.

PR Equation [5]
RT a

p:V—b_V(V+b)+b(V—b) (13-2)

The EOS constants are given by

R>T?
a4 = 0.45724 |—¢ [1 +m(1— \/T,] ?

c

RT,
Pc
and m = 0.3764 4 1.54226 0 — 0.26992 w?, where o is an acentric factor.

b = 0.07780 /

13.2.3. Hydrocarbon Properties

Oil and gas are very complex fluids composed of hydrocarbon compounds
that exist in petroleum in a wide variety of combinations. Physical prop-
erties change with the component composition, pressure, and temperature.
No two oils have the same physical properties. In considering hydrocarbon
flow in pipes, the most important physical properties are density and
VISCOSItY.

13.2.3.1. Density

Dead oil is defined as oil without gas in solution. Its specific gravity 7, is
defined as the ratio of the oil density and the water density at the same
temperature and pressure:

Po
Yo = = (13-3)
Puw
API gravity, with a unit of degree (°) is defined as:
, 141.5
APl = —> 1315 (13-4)
Yo

where 7, is the specific gravity of oil at 60°F, and the water density at 60°F is
62.37 Ib/ft’.
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The effect of gas dissolved in the oil should be accounted for in the
calculation of the in situ oil (live oil) density. The oil density can be
calculated as follows:

350.47, + 0.07647,R,

13-5
Po 5.615B, (13-3)
where
p.: oil density, Ib/ft;
¥, oil specific gravity;
Y gas gravity;
Ry: dissolved gas, sct/STB;
B,: formation volume factor, volume/standard volume.
Gas density p, is defined as:
pM
= 13-6
Py = SpT (13-6)

where M is the molecular weight of the gas, R is the universal gas constant, p
is the absolute pressure, T is the absolute temperature, and Z is the
compressibility factor of gas. The gas specific gravity ¥, is defined as the ratio
of the gas density and the air density at the same temperature and pressure:
_ P _ M

= = (13-7)

Ve
For liquids, the reference material is water, and for gases it is air.

13.2.3.2. Viscosity
Dynamic Viscosity
The dynamic viscosity of a fluid 1s a measure of the resistance to flow exerted
by a fluid, and for a Newtonian fluid it is defined as:
T

~ dv/dn

0 (13-8)

where 7T is the shear stress, v is the velocity of the fluid in the shear stress
direction, and dv/dn is the gradient of v in the direction perpendicular to
flow direction.

Kinematic Viscosity

v = u/p (13-9)

where p is the density.
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The viscosity of Newtonian fluids is a function of temperature and
pressure. If the viscosity of a fluid varies with the thermal or time history,
the fluid is called non-Newtonian. Most of the hydrocarbon fluids are
Newtonian fluid, but in some cases, the fluid in the flowline should be
considered to be non-Newtonian. The viscosity of oil decreases with
increasing temperature, while the viscosity of gas increases with
increasing temperature. The general relations can be expressed as follows
for liquids:

w = Aexp(B/T) (13-10)

and as follows for gases:
u=CT?> (13-11)

where A, B, and C are constants determined from the experimental
measurement. The viscosity typically increases with increased pressure for
gas. The equation of viscosity can be expressed in terms of pressure as:

u = exp(A+ B-P) (13-12)

The most commonly used unit to represent viscosity is the poise, which
can be expressed as dyne - s/cm” or g/cm - s. The centipoise or cP is equal
to 0.01 poise. The SI unit of viscosity is Pa - s, which is equal to 0.1 poise.
The viscosity of pure water at 20°C is 1.0 cP.

The viscosity of crude oil with dissolved gases 1s an important parameter
for the calculation of pressure loss for hydrocarbon flow in pipeline [6].
Pressure drops of high viscous fluid along the pipeline segment may
significantly impact deliverability of products. The oil viscosity should be
determined in the laboratory for the required pressure and temperature
ranges. Many empirical correlations are available in the literature that can be
used to calculate the oil viscosity based on the system parameters such as
temperature, pressure, and oil and gas gravities when no measured viscosity
data are available.

To minimize pressure drop along the pipeline for viscous crude oils, it is
beneficial to insulate the pipeline so it can retain a high temperature. The
flow resistance is less because the oil viscosity is lower at higher tempera-
tures. The selection of insulation is dependent on cost and operability issues.
For most developed fields insulation may not be important. However, for
heavy oil, high-pressure drops due to viscosity in the connecting pipeline
between the subsea location and the receiving platform, insulation may have
a key role to play.
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13.3. EMULSION
13.3.1. General

A separate water phase in a pipeline system can result in hydrate formation
or an oil/water emulsion under certain circumstances. Emulsions can have
high viscosities, which may be an order of magnitude higher than the single-
phase oil or water. The effect of emulsions on frictional loss may lead to
a significantly larger error in pressure loss than calculated. In addition
to aftecting pipeline hydraulics, emulsions may present severe problems to
downstream processing plants [7].

An emulsion is a heterogeneous liquid system consisting of two
immiscible liquids with one of the liquids intimately dispersed in the form of
droplets in the second liquid. In most emulsions of crude oil and water, the
water is finely dispersed in the oil. The spherical form of the water globules
is a result of interfacial tension, which compels them to present the smallest
possible surface area to the oil. If the oil and water are violently agitated,
small drops of water will be dispersed in the continuous oil phase and small
drops of oil will be dispersed in the continuous water phase. If left undis-
turbed, the oil and water will quickly separate into layers of oil and water. If
any emulsion is formed, it will exist between the oil above and the water
below. In offshore engineering, most emulsions are the water-in-oil type.

The formation of an emulsion requires the following three conditions:
*  Two immiscible liquids;

+ Sufficient agitation to disperse one liquid as droplets in the other;
* An emulsifying agent.

The agitation necessary to form an emulsion may result from any one or

a combination of several sources:

* Bottom-hole pump;

* Flow through the tubing, wellhead, manifold, or flowlines;

* Surface transfer pump;

*  Pressure drop through chokes, valves, or other surface equipment.

The greater the amount of agitation, the smaller the droplets of water
dispersed in the oil. Water droplets in water-in-oil emulsions are of widely
varying sizes, ranging from less than 1 to about 1,000 gm. Emulsions that
have smaller droplets of water are usually more stable and difficult to treat
than those that have larger droplets. The most emulsified water in light
crude oil, that is, oil above 20° API, is from 5 to 20 vol % water, while
emulsified water in crude oil heavier than 20° API is from 10 to 35%.
Generally, crude oils with low API gravity (high density) will form a more
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stable and higher percentage volume of emulsion than will oils of high API
gravity (low density). Asphaltic-based oils have a tendency to emulsify more
readily than paraffin-based oils.

The emulsifying agent determines whether an emulsion will be formed
and the stability of that emulsion. If the crude oil and water contain no
emulsifying agent, the oil and water may form a dispersion that will separate
quickly because of rapid coalescence of the dispersed droplets. Emulsifying
agents are surface-active compounds that attach to the water-drop surface.
Some emulsifiers are thought to be asphaltic, sand, silt, shale particles,
crystallized paraftin, iron, zinc, aluminum sulfate, calcium carbonate, iron
sulfide, and similar materials. These substances usually originate in the oil
formation but can be formed as the result of an ineffective corrosion-

inhibition program.

13.3.2. Effect of Emulsion on Viscosity
Emulsions are always more viscous than the clean oil contained in the

emulsion.

Figure 13-1 shows the tendency of viscosity with the increase of water
cut in different emulsion conditions. This relationship was developed by
Woelflin [8] and is widely used in petroleum engineering. However, at
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Figure 13-1 Woelflin Viscosity Data
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higher water cuts (greater than about 40%), it tends to be excessively
pessimistic and may lead to higher pressure loss expectations than are
actually likely to occur. Guth and Simha [9] presented a correlation of
emulsion viscosity:

e/t = 14+25C, (13-13)

where U, is the viscosity of emulation (in cP or mPa-s), U, is the viscosity of
clean oil (cP or mPa-s), C, is the volume fraction of the water phase, it is
a ration of water volumetric flow rate compared to the volumetric flow rate
of total liquids, including oil, water and other liquids.

This correlation is similar to that of Woelflin in that it predicts the emulsion
viscosity to be some multiple of the oil viscosity. The factor is determined
solely as a function of the water cut. Up to a water cut of about 40%, the two
methods will give almost identical results. Above that, the effective viscosity
rises much more slowly with the Guth and Simha [9] correlation, and
computed pressure losses will thus be lower at higher water cuts.

Laboratory tests can provide useful information about emulsions, but the
form of the emulsion obtained in practice is dependent on the shear history,
temperature, and composition of the fluids. Limited comparison of calcu-
lated emulsion viscosity with experimental data suggests that the Woelflin
correlation overestimates the viscosity at higher water fractions. The
following equation, from by Smith and Arnold [10] can be used if no other
data are available:

w,/, = 142.5C, +14.1C,> 13-14
(4 [

13.3.3. Prevention of Emulsion

If all water can be excluded from the oil and/or if all agitation of hydraulic
fluid can be prevented, no emulsion will form. Exclusion of water in some
wells is difficult or impossible, and the prevention of agitation is almost
impossible. Therefore, production of emulsion from many wells must be
expected. In some instances, however, emulsification is increased by poor
operating practices.

Operating practices that include the production of excess water as
a result of poor cementing or reservoir management can increase emulsion-
treating problems. In addition, a process design that subjects the oil/water
mixture to excess turbulence can result in greater treatment problems.
Unnecessary turbulence can be caused by overpumping and poor mainte-
nance of plunger and valves in rod-pumped wells, use of more gas-lift gas
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than is needed, and pumping the fluid when gravity flow could be used
instead. Some operators use progressive cavity pumps as opposed to recip-
rocating, gear, or centrifugal pumps to minimize turbulence. Others have
found that some centrifugal pumps can actually cause coalescence if they are
installed in the process without a downstream throttling valve. Wherever
possible, pressure drop through chokes and control valves should be mini-
mized before oil/water separation.

13.4. PHASE BEHAVIOR

A multicomponent mixture exhibits an envelope for liquid/vapor phase
change in the pressure/temperature diagram, which contains a bubble-point
line and a dew-point line, compared with only a phase change line for a pure
component. Figure 13-2 shows the various reservoir types of oil and gas
systems based on the phase behavior of hydrocarbons in the reservoir, in
which the following five types of reservoirs are distinguished:

*  Black oils;

» Volatile oils;

* Condensate (retrograde gases);

*  Wet gases;
*  Dry gases.
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C iB
_Cricondenbar | i

Liquid e

=

& : 4

= / 5

7] F o s

[} ] o -

[ =4 R%) = =

- ’ 3 £

£

oo Gas
Al

5% liquad

Cricondentherm

Temperature
Figure 13-2 Typical Phase Diagram of Hydrocarbons



Hydraulics 361

The amount of heavier molecules in the hydrocarbon mixtures varies
from large to small in the black oils to the dry gases, respectively. The various
pressures and temperatures of hydrocarbons along a production flowline
from the reservoir to separator are presented in curve A—A2 of Figure 13-2.
Mass transfer occurs continuously between the gas and the liquid phases
within the two-phase envelope.

13.4.1. Black Oils

Black oil is liquid oil and consists of a wide variety of chemical species
including large, heavy, and nonvolatile molecules. Typical black oil reser-
voirs have temperatures below the critical temperature of a hydrocarbon
mixture. Point C in Figure 13-2 represents unsaturated black oil; some gases
are dissolved in the liquid hydrocarbon mixture. Point C1 in the same figure
shows saturated back oil, which means that the oil contains as much dis-
solved gas as it can take and that a reduction of system pressure will release
gas to form the gas phase. In transport pipelines, black oils are transported in
the liquid phase throughout the transport process, whereas in production
flowlines, produced hydrocarbon mixtures are usually in thermodynamical
equilibrium with gas.

13.4.2. Volatile Oils

Volatile oils contain fewer heavy molecules than black oil, but more ethane
through hexane. Reservoir conditions are very close to the critical
temperature and pressure. A small reduction in pressure can cause the release
of a large amount of gas.

13.4.3. Condensate

Retrograde gas is the name of a fluid that is gas at reservoir pressure and
temperature. However, as pressure and temperature decrease, large quan-
tities of liquids are formed due to retrograde condensation. Retrograde gases
are also called retrograde gas condensates, gas condensates, or condensates.
The temperature of condensates is normally between the critical temper-
ature and the cricondentherm as shown in Figure 13-2. From reservoir to
riser top, as shown in points B to B2 in the figure, the fluid changes from
single gas and partial transfer to condensate liquid and evaporate again as gas,
causing a significant pressure drop.

For a pure substance a decrease in pressure causes a change of phase from
liquid to gas at the vapor—pressure line; likewise, in the case of
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Table 13-3 Hydrocarbon Composition of Typical Reservoirs [11]
Composition (mol %)

Component Black Oil Volatile Oil Condensate Wet Gas Dry Gas
CO, 0.02 0.93 2.37 1.41 0.10
N, 0.34 0.21 0.31 0.25 2.07
C 34.62 58.77 73.19 92.46 86.12
C, 4.11 7.57 7.80 3.18 5.91
C; 1.01 4.09 3.55 1.01 3.58
i-Cy 0.76 0.91 0.71 0.28 1.72
n-Cy 0.49 2.09 1.45 0.24 0.0
i-Cs 0.43 0.77 0.64 0.13 0.50
n-Cs 0.21 1.15 0.68 0.08 0.0
Ce 1.61 1.75 1.09 0.14 0.0
C7+ 56.40 21.76 8.21 0.82 0.0
Total 100.0 100.0 100.0 100.0 100.0

a multicomponent system, a decrease in pressure causes a change of phase
from liquid to gas at temperatures below the critical temperature. However,
consider the isothermal decrease in pressure illustrated by a line B-B1-B2 in
Figure 13-2. As pressure is decreased from point B, the dew-point line is
crossed and liquid begins to form. At the position indicated by point B1, the
system 1s 5% liquid. A decrease in pressure has caused a change from gas to
liquid. Table 13-3 lists the composition of a typical condensate gas. Curve
A—A2 illustrates the variations of pressure and temperature along the
flowline from reservoir to the separator on a platform.

13.4.4. Wet Gases

A wet gas exists in a pure gas phase in the reservoir, but becomes a liquid/gas
two-phase mixture in a flowline from the well tube to the separator at the
topside platform. During the pressure drop in the flowline, liquid condensate
appears in the wet gas.

13.4.5. Dry Gases

Dry gas 1s primarily methane. The hydrocarbon mixture is solely gas under
all conditions of pressure and temperature encountered during the
production phases from reservoir conditions involving transport and process
conditions. In particular, no hydrocarbon-based liquids are formed from the
gas although liquid water can condense. Dry gas reservoirs have tempera-
tures above the cricondentherm. Tables 13-3 and 13-4 list the hydrocarbon
composition and properties, respectively, of typical reservoirs.
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Table 13-4 Hydrocarbon Properties of Typical Reservoirs [11]

Properties Black Oil Volatile Oil Condensate Wet Gas Dry Gas
M7+ 274 228 184 130

Y7+ 0.92 0.858 0.816 0.763

GOR (scf/STB) 300 1490 5450 105,000 oo
OGR (STB/mmscf) 180 10 0
Y_API 24 38 49 57

Y_g 0.63 0.70 0.70 0.61

Py (psi) 2,810 5,420 5,650 3,430

Peac (Ib/ft7) 51.4 38.2 26.7 9.61

13.4.6. Computer Models

Accurate prediction of physical and thermodynamic properties is a prereq-

uisite to successful pipeline design. Pressure loss, liquid hold up, heat loss,

hydrate formation, and wax deposition all require knowledge of the fluid

states.

In flow assurance analyses, the following two approaches have been used

to simulate hydrocarbon fluids:

“Black-oil” model: Defines the oil as a liquid phase that contains dissolved
gas, such as hydrocarbons produced from the oil reservoir. The “black
01l” accounts for the gas that dissolves (condenses) from oil solution with
a parameter of R, that can be measured from the laboratory. This model
predicts fluid properties from the specific gravity of the gas, the oil
gravity, and the volume of gas produced per volume of liquid. Empirical
correlations evaluate the phase split and physical property correlations
determine the properties of the separate phases.

Composition model: For a given mole fraction of a fluid mixture of volatile
oils and condensate fluids, a vapor/liquid equilibrium calculation
determines the amount of the feed that exists in the vapor and liquid
phases and the composition of each phase. It is possible to determine the
quality or mass fraction of gas in the mixtures. Once the composition of
each phase is known, it is also possible to calculate the interfacial tension,
densities, enthalpies, and viscosities of each phase.

The accuracy of the compositional model is dependent on the accuracy

of the compositional data. If good compositional data are available, selection

of an appropriate EOS is likely to yield more accurate phase behavior data

than the corresponding black-oil model. This is particularly so if the

hydrocarbon liquid is a light condensate. In this situation complex phase
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effects such as retrograde condensation are unlikely to be adequately
handled by the black-oil methods. Of prime importance to hydraulic studies
is the viscosity of the fluid phases. Both black-oil and compositional tech-
niques can be inaccurate. Depending on the correlation used, very different
calculated pressure losses could result. With the uncertainty associated with
viscosity prediction, it is prudent to utilize laboratory-measured values.

The gas/oil ratio (GOR) can be defined as the ratio of the measured
volumetric flow rates of the gas and oil phases at meter conditions (multi-
phase meter) or the volume ratio of gas and oil at the standard condition
(1 atm, 60°F) in units of scf/STB. When water is also present, the water cut
is generally defined as the volume ratio of the water and total liquid at
standard conditions. If the water contains salts, the salt concentrations may
be contained in the water phase at the standard condition.

13.5. HYDROCARBON FLOW
13.5.1. General

The complex mixture of hydrocarbon compounds or components can exist

as a single-phase liquid, a single-phase gas, or as a multiphase mixture,

depending on its pressure, temperature, and the composition of the mixture.

The fluid flow in pipelines is divided into three categories based on the fluid

phase condition:

»  Single-phase condition: black oil or dry gas transport pipeline, export
pipeline, gas or water injection pipeline, and chemical inhibitors service
pipelines such as methanol and glycol lines;

*  Tivo-phase condition: oil + released gas flowline, gas + produced oil
(condensate) flowline

o Three-phase condition: water + oil 4+ gas (typical production flowline).
The pipelines after oil/gas separation equipment, such as transport

pipelines and export pipelines, generally flow single-phase hydrocarbon fluid

while in most cases, the production flowlines from reservoirs have two- or
three-phase fluids, simultaneously, and the fluid flow is then called multi-
phase flow.

In a hydrocarbon flow, the water should be considered as a sole liquid
phase or in combination with oils or condensates, since these liquids basi-
cally are insoluble in each other. If the water amount is small enough that it
has little effect on low performance, it may be acceptable to assume a single
liquid phase. At a low-velocity range, there is considerable slip between the
oil and water phases. As a result, the water tends to accumulate in low spots
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in the system. This leads to high local accumulations of water and, therefore,
a potential for water slugs in the flowline. It may also cause serious corrosion
problems.

Two-phase (gas/liquid) models are used for black-oil systems even when
water is present. The water and hydrocarbon liquid are treated as
a combined liquid with average properties. For gas condensate systems with
water, three-phase (gas/liquid/aqueous) models are used.

The hydraulic theory underlying single-phase flow is well understood
and analytical models may be used with confidence. Multiphase flow is
significantly more complex than single-phase flow. However, the technology
to predict multiphase-flow behavior has improved dramatically in the past
decades. It is now possible to select pipeline size, predict pressure drop, and
calculate flow rate in the flowline with an acceptable engineering accuracy.

13.5.2. Single-Phase Flow

The basis for calculation of changes in pressure and temperature with
pipeline distance is the conservation of mass, momentum, and energy of the
fluid flow. In this section, the steady-state, pressure-gradient equation for
single-phase flow in pipelines is developed. The procedures to determine
values of wall shear stress are reviewed and example problems are solved to
demonstrate the applicability of the pressure-gradient equation for both
compressible and incompressible fluid. A review is presented of Newtonian
and non-Newtonian fluid flow behavior in circular pipes. The enthalpy-
gradient equation is also developed and solved to obtain approximate
equations that predict temperature changes during steady-state fluid flow.

13.5.2.1. Conservation Equations
Mass Conservation

Mass conservation of flow means that the mass in, m;,, minus the mass out,
Myys, 0of a control volume must equal the mass accumulation in the control
volume. For the control volume of a one-dimensional pipe segment, the
mass conservation equation can be written as:

dp  9(pv)
8z+ JL

-0 (13-15)

where p is the fluid density, v is the fluid velocity, ¢ is the time, and L is the
length of the pipe segment. For a steady flow, no mass accumulation occurs,
and Equation (13-15) becomes:

pv = constant (13-16)
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Momentum Conservation

Based on Newton’s second law applied to fluid flow in a pipe segment, the
rate of momentum change in the control volume is equal to the sum of all
forces on the fluid. The linear momentum conservation equation for the
pipe segment can be expressed as:

d(pv)  d(pv?) dp d )
+ = - T— — 13-1
or 5 5 T pgsin 0 (13-17)

The terms on the right-hand side of Equation (13-17) are the forces on the
control volume. The term dp/dL represents the pressure gradient, Tmd/A
represents the surface forces, and pg sin  represents the body forces.
Combining Equations (13-16) and (13-17), the pressure gradient equation
is obtained for a steady-state flow:

dp wd dv

— = —T— —pgsin 0 — pr— 13-18

L R AT (13-18)
By integrating both sides of the above equation from section 1 to section 2 of
the pipe segment shown in Figure 13-3, and adding the mechanical energy by
hydraulic machinery such as a pump, an energy conservation equation, the
Bernoulli equation, for a steady one-dimensional flow is obtained as:

p—1+ﬁ+z1:p—2+122+22+2hf+2h,—hm (13-19)
Y12 Y2 o 2¢

where, p/7 is pressure head; 172/2¢ is velocity head, z is elevation head,
> hgis the sum of the friction head loss between section 1 and 2 caused by

Arbitrary horizontal datum plane

Figure 13-3 Relationship between Energy/Hydraulic Grade Lines and Individual Heads
[12]
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frictional force, » h; is the sum of the local head loss, and h,, is mechanical
energy per unit weight added by hydraulic machinery. The pipe friction
head loss is the head loss due to fluid shear at the pipe wall. The local head
losses are caused by local disruptions of the fluid stream, such as valves, pipe
bends, and other fittings.
The energy grade line (EGL) is a plot of the sum of the three terms in the
left-hand side of Equation (13-19), and is expressed as:
p V2
EGL =14 42 (13-20)
Y %
The hydraulic grade line (HGL) is the sum of only the pressure and
elevation head, and can be expressed as:

Py (13-21)
Y

HGL =

Figure 13-3 shows the relation of the individual head terms to the
EGL and HGL lines. The head losses represent the variation of EGL or
HGL between section 1 and 2. In general, in a preliminary design, the
local losses may be ignored, but they must be considered at the detailed
design stage.

As shown in Equation (13-19), the total pressure drop in a particular
pipe segment is the sum of the friction head losses of the pipe segment,
valves, and fittings, the local head losses due to valves and fittings, the static
pressure drop due to elevation change, and the pressure variation due to the
acceleration change.

13.5.2.2. Friction Factor Equation
The Darcy-Weisbach equation is one of the most general friction head loss
equations for a pipe segment. It is expressed as:

2
e = f% Z—g (13-22)
= f(Re,e/D) (13-23)

where f1is the friction factor, Re = VDp/u is the R eynolds number, and
&/D is the equivalent sand-grain roughness (relative roughness) of the pipe,
which is decided by the pipeline material. Figure 13-4 shows the graphical
representation of the friction factor at different flow regions, which is also
called as Moody diagram.
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Figure 13-4 Moody Diagram [13]

Table 13-5 lists common values of absolute roughness for several
materials. For steel pipe, the absolute roughness is 0.0018 in. unless alter-
native specifications are specified. The absolute roughness of 0.0018 in. is
for aged pipe, but that is accepted in design practice because it is conser-
vative. Flexible pipe is rougher than steel pipe and, therefore, requires
a larger diameter for the same maximum rate. For a flexible pipe, the
roughness is given by ¢ = ID/250.0 unless an alternative specification is
given. The roughness may increase with use at a rate determined by the
material and nature of the fluid. As a general guide, factors of safety of 20%
to 30% on the friction factor will accommodate the change in roughness
conditions for steel pipe with average service of 5 to 10 years.

Table 13-5 Pipeline Material Roughness [14]

Material ¢, Equivalent Sand-Grain Roughness (in.)
Concrete 0.012—0.12

Case iron 0.010

Commercial or welded steel 0.0018

PVC, glass 0.00006
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As shown in Figure 13-4, the function f (Re, €/D) is very complex. A
laminar region and a turbulent region are defined in the Moody diagram
based on the flow characteristics.

Laminar Flow
In laminar flow (Re < 2100), the friction factor function is a straight line
and is not influenced by the relative roughness:

f = 64/Re (13-24)

The friction head loss is shown to be proportional to the average velocity
in the laminar flow. Increasing pipe relative roughness will cause an earlier
transition to turbulent flow. When the Reynolds number is in the range
from 2000 to 4000, the flow is in a critical region where it can be either
laminar or turbulent depending on several factors. These factors include
changes in section or flow direction. The friction factor in the critical
region is indeterminate, which is in a range between friction factors for
laminar flow and for turbulent flow.

Turbulent Flow
When the Reynolds number is larger than 4000, the flow inside the pipe is
turbulent flow; the fiction factor depends not only on the Reynolds number
but also on the relative roughness, €/D, and other factors. In the complete
turbulence region, the region above a dashed line in the upper right part of
a Moody diagram, friction factor fis a function only of roughness €/D. For
a pipe in the transition zone, the friction factor decreases rapidly with
increasing Reynolds number and decreasing pipe relative roughness. The
lowest line in Figure 13-4 is the line representing the friction factor for the
smoothest pipe, where the roughness €/D is so small that it has no effect.
Although single-phase flow in pipes has been studied extensively, it still
involves an empirically determined friction factor for turbulent flow
calculations. The dependence of this friction factor on pipe roughness,
which must usually be estimated, makes the calculated pressure gradients
subject to considerable error and summarizes the correlations of Darcy-
Weisbach friction factor for different flow ranges. The correlations for
smooth pipe and complete turbulence regions are simplified from the one for
a transitional region. For smooth pipe, the relative roughness term is ignored,
whereas for the complete turbulence region, the Reynolds term is ignored.
Table 13-6 summarizes some Darcy-Weisbach friction factor correla-
tions for both laminar flow and turbulent flow.
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Table 13-6 Darcy-Weisbach Friction Factor Correlations [12]

Flow Region Friction Factor, f Reynolds Range
Laminar f = 64/Re Re < 2100
Smooth pipe 1/VF = 2log,,(ReVf) — 0.8 Re > 4000 and
/D —0
Transitional, 1/\/? = 1.14 — 2 log,, Re > 4000 and
Colebrook-White transitional region
correlation (e/D+ 9.35/(Re\/?))
Complete 1/VFf = 1.14 — 2log,,(¢/D)  Re > 4000 and
turbulence complete turbulence

13.5.2.3. Local Losses

In addition to pressure head losses due to pipe surface friction, the local

losses are the pressure head loss occurring at flow appurtenances, such as

valves, bends, and other fittings, when the fluid flows through the appur-

tenances. The local head losses in fittings may include:

» Surface fiction;

* Direction change of flow path;

*  Obstructions in flow path;

* Sudden or gradual changes in the cross section and shape of the flow
path.

The local losses are considered minor losses. These descriptions are
misleading for the process piping system where fitting losses are often much
greater than the losses in straight piping sections. It is difficult to quantify
theoretically the magnitudes of the local losses, so the representation of these
losses is determined mainly by using experimental data. Local losses are
usually expressed in a form similar to that for the friction loss. Instead of f
L/D in friction head loss, the loss coefficient K is defined for various
fittings. The head loss due to fitting is given by the following equation:

VZ
h=K— (13-25)
28
where IVis the downstream mean velocity normally. Two methods are used
to determine the value of K for difterent fittings, such as a valve, elbow, etc.
One method is to choose a K value directly from a table that is invariant
with respect to size and Reynolds number.

Table 13-7 gives K values for several types of fittings. In this method the

data scatter can be large, and some inaccuracy is to be expected. The other
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Table 13-7 Loss Coefficients for Fittings [15]

Fitting K
Globe valve, fully open 10.0
Angle valve, fully open 5.0
Butterfly valve, fully open 0.4
Gate valve, full open 0.2
3/4 open 1.0
1/2 open 5.6
1/4 open 17.0
Check valve, swing type, fully open 2.3
Check valve, lift type, fully open 12.0
Check valve, ball type, fully open 70.0
Elbow, 45° 0.4
Long radius elbow, 90° 0.6

approach is to specify K for a given fitting in terms of the value of the
complete turbulence friction factor frfor the nominal pipe size. This method
implicitly accounts for the pipe size. The Crane Company’s Technical Paper
410 [15] detailed the calculation methods for the K value for different fittings,
and they are commonly accepted by the piping industry.

Manufacturers of valves, especially control valves, express valve capacity in
terms of a flow coefficient C,,, which gives the flow rate through the valve in
gal/min of water at 60°F under a pressure drop of 1.0 psi. It is related to K by:

c 29.94
v \/E

where d is the diameter of the valve connections in inches.

(13-26)

13.5.3. Multiphase Flow
13.5.3.1. General

Multiphase transport is currently receiving much attention throughout the
oil and gas industry, because the combined transport of hydrocarbon liquids
and gases, immiscible water, and sand can offer significant economic savings
over the conventional, local, platform-based separation facilities. However,
the possibility of hydrate formation, the increasing water content of the
produced fluids, erosion, heat loss, and other considerations create many
challenges to this hydraulic design procedure.

Much research has been carried out on two-phase flow beginning in the
1950s. The behavior of two-phase flow is much more complex than that of
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single-phase flow. Two-phase flow is a process involving the interaction of
many variables. The gas and liquid phases normally do not travel at the same
velocity in the pipeline because of the differences in density and viscosities.
For an upward flow, the gas phase, which is less dense and less viscous, tends
to flow at a higher velocity than the liquid phase. For a downward flow, the
liquid often flows faster than the gas because of density differences.
Although analytical solutions of single-phase flow are available and the
accuracy of prediction is acceptable in industry, multiphase flows, even
when restricted to a simple pipeline geometry, are in general quite complex.

Calculations of pressure gradients in two-phase flows require values of
flow conditions, such as velocity, and fluid properties, such as density,
viscosity, and surface tension. One of the most important factors to consider
when determining the flow characteristics of two-phase flows is flow pattern.
The flow pattern description is not merely an identification of laminar or
turbulent flow for a single flow; the relative quantities of the phases and the
topology of the interfaces must also be described. The different flow
patterns are formed because of relative magnitudes of the forces that act on
the fluids, such as buoyancy, turbulence, inertia, and surface tension forces,
which vary with flow rates, pipe diameter, inclination angle, and the fluid
properties of the phases. Another important factor is liguid holdup, which is
defined as the ratio of the volume of a pipe segment occupied by liquid to
the volume of the pipe segment. Liquid holdup is a fraction, which varies
from zero for pure gas flow to one for pure liquid flow.

For a two-phase flow, most analyses and simulations solve mass,
momentum, and energy balance equations based on one-dimensional
behavior for each phase. Such equations, for the most part, are used as
a framework in which to interpret experimental data. Reliable prediction of
multiphase flow behavior generally requires use of data or experimental
correlations. Two-fluid modeling is a developing technique made possible
by improved computational methods. In fluid modeling, the full three-
dimensional partial differential equations of motion are written for each
phase, treating each as a continuum and occupying a volume fraction that is
a continuous function of position,

13.5.3.2. Horizontal Flow

In horizontal pipe, flow patterns for fully developed flow have been
reported in numerous studies. Transitions between flow patterns are
recorded with visual technologies. In some cases, statistical analysis of
pressure fluctuations has been used to distinguish flow patterns. Figure 13-5
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Figure 13-5 Flow Pattern Regions for Two-phase Flow through Horizontal Pipe [16]

shows a typical flow pattern map, which gives an approximate prediction of

the flow patterns. Commonly used flow pattern maps such as those of

Mandhane and Baker are based on observed regimes in horizontal, small-

diameter, air/water systems. Scaling to the conditions encountered in the oil

and gas industries is uncertain.
Figure 13-6 shows seven flow patterns for horizontal gas/liquid two-
phase flow:

*  Bubble flow: Gas is dispersed as bubbles that move at a velocity similar to
that of liquid and tend to concentrate near the top of the pipe at lower
liquid velocities.

*  Plug flow: Alternate plugs of gas and liquid move along the upper part of
the pipe.

»  Stratified flow: Liquid flows along the bottom of the pipe and the gas
flows over a smooth liquid/gas interface.

o Wavy flow: Occurs at greater gas velocities and has waves moving in the
flow direction. When wave crests are sufficiently high to bridge the pipe,
they form frothy slugs that move at much greater than the average liquid
velocity.

*  Slug flow: May cause severe and/or dangerous vibrations in equipment
because of the impact of the high-velocity slugs against fittings.

*  Annular flow: Liquid flows as a thin film along the pipe wall and gas flows
in the core. Some liquid is entrained as droplets in the gas core.

o Spray: At very high gas velocities, nearly all the liquid is entrained as
small droplets. This pattern is also called dispersed or mist flow.
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13.5.3.3. Vertical Flow
Two-phase flow in vertical pipe may be categorized into four different low

patterns, as shown in Figure 13-7 and listed here:
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*  Bubble flow: The liquid is continuous, with the gas phase existing as
randomly distributed bubbles. The gas phase in bubble flow is small and
contributes little to the pressure gradient except by its effect on the
density.

*  Slug flow: Both the gas and liquid phases significantly contribute to the
pressure gradient. The gas phase in slug flow exists as large bubbles and is
separated by slugs of liquid. The velocity of the gas bubbles is greater
than that of the liquid slugs, thereby resulting in a liquid holdup that not
only affects well and riser friction losses but also flowing density.

e Churn flow: The liquid slugs between the gas bubbles essentially disap-
pear and at some point the liquid phase becomes discontinuous and the
gas phase becomes continuous. The pressure losses are more the result of
the gas phase than the liquid phase.

*  Annular flow: This type of flow is characterized by a continuous gas phase
with liquid occurring as entrained droplets in the gas stream and as
a liquid film wetting the pipe wall.

13.5.4. Comparison of Two-Phase Flow Correlations

Many two-phase flow correlations have been developed in past several
decades, most of which are based on water/air systems, and every corre-
lation has its limit because of the data used. Most software used in flow
assurance has several options for models or correlations for two-phase flow.
Baker Jardine [19] conducted a major data matching study to identify the
most suitable two-phase flow correlations for oil wells, condensate wells, oil
pipelines, and gas/condensate pipelines, and the results of the analysis are
summarized in following sections.

13.5.4.1. Description of Correlations
Duns and Ros (D-R)

The Duns and Ros correlation [20] was developed for vertical two-phase
flow in wells based on extensive experimental research on oil and air
mixtures. Separate correlations were developed for bubble, plug, and froth
flows, slug flows, and mist flow regimes. These regions have low, inter-
mediate, and high gas throughputs, respectively.

Orkiszewski (OR)

The Orkiszewski correlation [21] was developed for the prediction of two-
phase pressure drops in vertical pipe. The bubble, slug, annular-slug tran-
sition, and annular mist flow regimes were considered. The method can
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accurately predict within 10% the two-phase pressure drops in flowing and
gas-lift production wells over a wide range of well conditions based on 148
measured pressure drops.

Hagedorn and Brown (H-B)

The Hagedorn and Brown correlation [22] was developed based on an
experimental study of pressure gradients in small-diameter vertical conduits.
A 1500-ft experimental well was used to study flow through 1-in., 1.25-in.,
and 1.5-in. nominal size tubing for widely varying liquid flow rates, gas/
liquid ratios, and liquid viscosities.

Beggs and Brill Original (B-BO)

The Beggs and Brill correlation [17] was developed following a study of
two-phase flow in horizontal and inclined pipe. The correlation is based on
a flow regime map. The model inclines flow both upward and downward at
angles of up to £90°.

Beggs and Brill Revised (B-BR)

The enhancements to the original method [17] are as follows: (1) An extra
flow regime is considered that assumes a no-slip holdup, and (2) the friction
factor was changed from the standard smooth pipe model to one that utilizes
a single-phase friction factor based on the average fluid velocity.

Mukherjee and Brill (M-B)
The Mukherjee and Brill correlation [23] was developed following a study
of pressure drop in two-phase inclined flow. Results agreed well with the

experimental data, and correlations were further verified with Prudhoe Bay
and North Sea data.

Govier, Aziz, and Fogarasi (G-A)

The Govier, Aziz, and Fogarasi correlation [24] was developed following
a study of pressure drop in wells producing gas and condensate. Actual field
pressure drop versus flow rate data from 102 wells with gas/liquid ratios
ranging from 3,900 to 1,170,000 scf/bbl were analyzed in detail.

No-Slip (NS)

The no-slip correlation assumes homogeneous flow with no slippage
between the phases. Fluid properties are taken as the average of the gas and
liquid phases, and friction factors are calculated using the single-phase
Moody correlation.



Hydraulics 377

OLGAS-89 and OLGAS 92 (0-89, 0-92)

OLGAS [25] is based on data from the SINTEF two-phase flow laboratory.
The test facilities were designed to operate at conditions similar to field
conditions. The test loop was 800 m long and had an 8-in. diameter.
Operating pressures were between 20 barg and 90 barg. Gas superficial
velocities of up to 13 m/s and liquid superficial velocities of up to 4 m/s
were obtained. Pipeline inclination angles between £1° were studied in
addition to flow up or down a hill section ahead of a 50-m-high vertical
riser. More than 10,000 experiments were run on the test loop. OLGAS
considers four flow regimes: stratified, annular, slug, and dispersed bubble
flow.

Ansari (AN)

The Ansari model [26] was developed as part of the Tulsa University Fluid
Flow Project (TUFFP) research program. A comprehensive model was
formulated to predict flow patterns and the flow characteristics of the
predicted flow patterns for upward two-phase flow. The model was eval-
uated by using the TUFFP well data bank that is composed of 1775 well
cases, with 371 of them from Prudhoe Bay data.

BJA for Condensates (BJ)

Baker Jardine & Associates have developed a correlation [27] for two-phase
flow in gas/condensate pipelines with a no-slip liquid volume fraction of
lower than 0.1. The pressure loss calculation procedure is similar in
approach to that proposed by Oliemans (see below), but accounts for the
increased interfacial shear resulting from the liquid surface roughness.

AGA and Flanigan (AGA)

The AGA and Flanigan correlation [28] was developed for horizontal and
inclined two-phase flow of gas/condensate systems. The Taitel Dukler
flow regime map is used, which considers five flow regimes: stratified
smooth, stratified wavy, intermittent, annular dispersed liquid, and

dispersed bubble [29].

Oliemans (OL)

The Oliemans correlation [30] was developed following the study of large-
diameter condensate pipelines. The model was based on a limited amount of
data from a 30-in., 100-km pipeline operating at pressures of 100 barg or
higher.



378 Y. Bai and Q. Bai

Gray (GR)

This correlation was developed by H. E. Gray [31] of Shell Oil Company for
vertical flow in gas and condensate systems that are predominantly gas phase.
Flow is treated as single phase, and water or condensate is assumed to adhere to
the pipe wall. It is considered applicable to vertical flow cases where the
velocity is below 50 ft/s, the tube size is below 3% in., the condensate ratio is
below 50 bbl/mmscf, and the water ratio is below 5 bbl/mmscf.

Xiao (XI)

The Xiao comprehensive mechanistic model [32] was developed as part of
the TUFPP research program. It was developed for gas/liquid two-phase
flow in horizontal and near horizontal pipelines. The data bank included
large-diameter field data culled from the AGA multiphase pipeline data
bank and laboratory data published in the literature. Data included both
black oil and compositional fluid systems. A new correlation was proposed
that predicts the internal friction factor under stratified flow.

13.5.4.2. Analysis Method

The predictions of pressure drop and flow rate for each of the correlations
built in PIPESIM were compared with available experimental data from
well/pipeline tests, reservoir fluid analysis, and drilling surveys/pipeline
measurements collected by Baker Jardine. The percentage error for data
points is calculated by:

% error = (calculated value — measured values)/measured value x 100%

Table 13-8 lists the evaluation method with scores for each correlation.
The overall scores for pressure drop and flow rate predictions are averaged
for each correlation. The score is calculated with the sum of score for each
database divided by 3 X the total database number. The evaluation results
for each correlation with a database of vertical oil wells, highly deviated oil
wells, gas-condensate wells, oil pipelines, and gas-condensate pipelines are
demonstrated in Figure 13-8.

Table 13-8 Evaluation of Correlations with Score [33]

Error Range (%) Evaluation Score
—5.0to 4+ 5.0 Very good 3.0
—10.0 to + 10.0 Good 2.0
—20.0 to + 20.0 Moderate 0

Outside above range Poor —3.0
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Figure 13-8 Evaluation of the Two-Phase Flow Correlations Used in PIPESIM

The Moody correlation is recommended for single-phase flow in vertical
oil flow, horizontal oil flow, vertical gas flow, and horizontal gas flow.

13.6. SLUGGING AND LIQUID HANDLING
13.6.1. General

The occurrence of slug flow in a transportation pipeline can cause many
problems in design and operation processes, which include kinetic force on
fittings and vessels, pressure cycling, control instability, and inadequate phase
separation. Slugging greatly affects the design of receiving facilities. In gas-
condensate systems, larger lines result in more liquid being retained in the
pipeline at low rates. When the flow rate is increased, much of the liquid can
be swept out, potentially overwhelming the liquid handling capability of the
receiving facilities. The facilities can be flooded and damaged if the slugs are
larger than the slug catcher capacity. Therefore, quantifying the slug size,
frequency, and velocity is necessary prior to equipment design.

The pressure at the bottom of the riser can vary if the holdup in the
riser is not about the same as that in the line feeding it. If the riser holdup
is too large and the gas velocity is too small to provide continuous liquid
lift, too much of the liquid reverses and flows downward. Liquid accu-
mulates at the base, causing an unstable pressure situation. This is relieved
by large liquid slugs periodically leaving the riser at a high velocity. The
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changes in liquid amount and the corresponding pressure changes can be
dramatic. A large slug catcher installation can be provided onshore, but it is
not economical to place it on the platform. This is one of the practical
reasons why a pipeline section immediately ahead of the riser should be
horizontal or have a slightly upward slope of 2° to 5°. The section length
probably should be several times the riser height. The upward incline
eliminates a possible “sump” effect and serves to decrease pressure/holdup
instabilities. Severe slugging in the riser can be enhanced by a negative
pipeline inclination just prior to it. Actually, severe slugging is unlikely if
there is a positive inclination.

Figure 13-9 shows the effect of the mass flow rate of two-phase flow on
flow stability. A higher flow rate helps to decrease the slug and increase flow
stability in the flowline. Higher system pressures also increase the tendency for
a stable flow. Choking, at the top of the riser can be used to minimize severe
slugging. The flow in a riser may differ from that in a wellbore, which has
a relatively long horizontal flowline at the end of it. Holdup and surging from
that horizontal flowline are transmitted to the relatively short riser. The riser
may have to handle far more liquid than a well because the flowline can feed it
liquid surges that far exceed those possible by gas-lift or reservoir mechanisms.

In many oil and gas developments that incorporate multiphase flowlines,
the possibility of slugs or surges is one of the most important flow assurance
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Figure 13-9 Riser Flow Stability versus Flow Rate
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concerns due to the excessive demands large changes in oil/gas flow rates

place on the processing facilities. Multiphase surges come in three forms:

1. Hydrodynamic slugs: formed from the stratified flow regime due to
instability of waves at certain flow rates.

2. Terrain-induced slugs: caused by accumulation and periodic purging of
liquid in elevation changes along the flowline, particularly at low flow
rates.

3. Operationally induced surges: formed in the system during operation
transfer between a steady state and a transient state; for example, during
start-up or pigging operations.

13.6.2. Hydrodynamic Slugging

Hydrodynamic slugs are initiated by the instability of waves on the gas/liquid
interface in stratified flow under certain flowing conditions. Figure 13-10
shows the formation process of hydrodynamic slugging from a stratified flow.
In Figure 13-10a, the gas/liquid interface is lifted to the top of the pipe when
the velocity difference between gas phase and liquid phase is high enough.
This wave growth is triggered by the Kelvin-Helmholtz instability. Once the
wave reaches the top of pipe, it forms a slug (Figure 13-10b). The slug is
pushed by the gas and so travels at a greater velocity than the liquid film, and
more liquid is then swept into the slug. In Figure 13-10c, entrainment
reduces the average liquid holdup in the slug, increasing the turbulence
within the slug.

t

Kelvin-Helmholtz wave growth

b )

Slug nose ingress and tail shedding

Gasentrainment

Figure 13-10 Formation of Hydrodynamic Slugging [34]
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A main part of the frictional pressure drop in multiphase flow is thought
to be due to the turbulent region within the slug. Thus, the size of the
turbulent region can have a significant effect on the frictional pressure losses
in a pipeline. Two-phase flow pattern maps indicate hydrodynamic slug-
ging, but slug length correlations are quite uncertain. Tracking of the
development of the individual slugs along the pipeline is necessary to esti-
mate the volume of the liquid surges out of the pipeline.

Slugging simulations need to be performed over the flow rates, water
cuts, and GORs for the field life. The effects of any artificial lift should be
included in the simulations. In general, simulation results are presented as
liquid and gas flow rates at the separator, slug lengths at the base and top of
the riser, and pressure at key locations as a function of time. The key
locations in a well are upstream of the well flow control devices and bot-
tomhole. If processing equipment is included in the model, the separator
pressure, separator levels, and outlet gas and liquid rates from the separator as
a function of time are presented.

In cases where the predicted slugging causes liquid or gas handling
problems, the effects of additional choking upstream of the separator should
be determined. The evolution of slugs is very sensitive to the pipe incli-
nation and changing the inclination by less than a degree can be sufficient to
change the balance, causing a flow regime transition. Thus, peaks and
troughs along the pipeline profile of relatively small elevation change may
have a very significant effect.

Figure 13-11 compares the flow patterns of a simple horizontal topog-
raphy and one with some undulations. The multiphase flow in undulate

A

Slug flow

Horizontal flowline

‘ Stratified flow Slug flow Stratified flow Slug flow

Undulate flowline

Figure 13-11 Effect of Pipeline Topography to Flow Pattern [34]
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flowlines switches between the stratified and slug flow regimes, implying
that not only could the slug sizes difter markedly, but the pressure drops
could be very different too. Few pipelines have constant inclinations; most
undulate following the natural terrain. When modeling multiphase flow in
lower flow rates, it is important to represent these undulations as faithfully as
possible. At higher flow rates, undulations may not have much impact on
predictions.

13.6.3. Terrain Slugging

Figure 13-12 shows the formation process for a terrain slug in a pipeline-

riser system:

*  Figure 13-12a: Low spot fills with liquid and flow is blocked.

»  Figure 13-12b: Pressure builds up behind the blockage.

*  Figures 13-12¢ and d: When the pressure becomes high enough, gas
blows liquid out of the low spot as a slug.

Liquid accumulates at the base of the riser, blocking the flow of gas
phase. This liquid packet builds up until the gas pressure is sufficiently high
to overcome the hydrostatic head and blow the liquid slug from the riser.
Slug lengths can be two to three times the riser height.

Terrain slugs can be very severe, causing large pressure variations and liquid
surges out of a pipeline. Terrain slugging is a transient situation that requires
a dynamic model to predict and describe. When the minimum flow rate is
defined as the terrain slugging boundary, a region without severe slugging
should be determined as a function of the water cut and including gas lift. In
cases where the predicted slugging causes liquid or gas handling problems, the
effect of additional choking upstream of the separator should be determined.

It may be difficult to design a slug catcher to cope with the magnitude of
terrain slugs. If the transportation system terminates in a vertical riser onto
a receiving platform, the passage of the slug from the horizontal pipeline to

Slug formation Slug production Gas penetration Gas blow-down

Figure 13-12 Formation of Riser Slugging



384 Y. Bai and Q. Bai

the vertical riser results in cyclic flow eftects. As the slug decelerates into the
vertical riser, the following gas bubble is compressed. Compression
continues until sufficient energy is generated to accelerate the slug from the
riser. When the wellhead pressure is limited, the vertical riser from the
seabed into the platform may form a backpressure due to slugs, and it will
limit well production. In such circumstances the vertical pressure loss can be
reduced if a slug catcher is located on the seabed, and the gas and liquid
phases are separated. The liquid is pumped to the surface with the gas free
flowing to the platform through a separate riser. An alternative is to inject
gas at the base of the riser, which will lighten the fluid column and minimize
vertical pressure losses.

13.6.4. Start-Up and Blowdown Slugging

Slugs form in the start-up operation process because of transformation from
a steady state to a transient process. The start-up simulations should be
performed starting from shutdown conditions to different representative
operating conditions throughout the field life. A range of start-up rates,
consistent with reservoir management constraints, should be evaluated. If
necessary, artificial lifting to mitigate start-up slugs should be evaluated. For
gas lifting, the required gas-lift rate should be determined. If lift gas is
unavailable until it is obtained from the production, this operating constraint
should be included in the simulations.

13.6.5. Rate Change Slugging

When the flow rate is increased, the liquid holdup in the line decreases. This
change in holdup can either exit the line as a steady flow with increased liquid
production, or it can come out in the form of a slug, depending on the flow
rate change. The rate change slugs can occur in gas/condensate flowlines
when the rates are increased. The flowline may be in a steady flow pattern,
such as stratified flow, at both the initial and final flow rates but will slug
during the transition period until the line reequilibrates at the higher rate.

As with start-up slugs, it is impossible to predict whether slugs will occur
when rates are changed using steady-state or hand methods. The flowline
must be dynamically simulated using a transient flow program.

13.6.6. Pigging

Pigs are run through pipelines for a variety of reasons, including:
* Liquid inventory control;
* Maintenance and data logging;
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Figure 13-13 Flow Rate Variations Due to Pigging

* Pipeline cleaning and dewaxing;
* Inhibitor application.

Figure 13-13 shows the flow rate variations of liquid and gas at a riser
base due to pigging. When the slug is big enough, the full riser base will be
filled with liquid phase. The simulations of the pigging operation should be
performed where pigging is required. The time for the pigging operation
and the pig velocity as a function of time should be reported. For a round
trip pigging, the inlet and outlet temperature, pressure, and flow rate as
a function of time should be analyzed. For a round trip pigging with liquid,
the backpressure necessary to maintain single-phase flow behind the pig
should be analyzed.

13.6.7. Slugging Prediction

The slugging prediction can be carried out using PIPESIM (Schlum-
berger), OLGA (Scandpower Petroleum Technology), ProFES (Aspen-
tech), or TACITE (Simulation Science). Steady-state multiphase simulation
software such as PIPESIM can predict hydrodynamic slug distributions
along the flowline and riser slugs. However, only OLGA 2000 (standard
version), the OLGA 2000 slug tracking module, and ProFES are good at
simulating transient multiphase flow and predicting the liquid holdup
variations along the flowlines, terrain slugs and start-up/shutdown transient
slugs.
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Ramp-up slugs are of primary importance for gas/condensate systems
where the increased flow rate can sweep out large volumes of liquid. Simu-
lations of flow rate ramps should be performed from turndown rates to
intermediate and full production rates over the life of the field. OLGA 2000
slug tracking [35] is generally not required for ramp-ups in gas/condensate
systems except in cases with hilly terrain or high liquid loadings (>50 bbl/
mmscf). Results may be presented as outlet liquid and gas rates as a function of
time.

The production system should be modeled starting at the reservoir using
inflow performance relationships provided by reservoir modeling. At the
outlet, pressure control is recommended. If this is not possible, a sensitivity
study should be performed to ensure that random fluctuations in the outlet
pressure do not significantly alter the slugging. The artificial boundary
conditions of a constant pressure tend to dampen slugging and should be
avoided whenever possible for slugging simulations. True boundary
conditions on the flowline/riser can be obtained using a transient pipeline
model coupled to a dynamic process model. Integrated dynamic pipeline
and process simulation is rarely necessary for the design of wells, flowlines,
and risers. However, in certain instances, integrated modeling is advisable
for the design and control of the process facilities.

13.6.8. Parameters for Slug Characteristics

The key parameters required for the assessment of the performance of
separation and associated downstream facilities are the average slug volume
and frequency, and the greatest likely slug volume and its frequency of
occurrence. The combination of slug velocity, frequency and liquid holdup
is important for the design of pipeline supports. These are the control
parameters: V, (gas superficial velocity), Vy (liquid superficial velocity),
D (pipeline diameter), L (pipeline length), ¢ (pipeline inclination), g (gas
density), p; (liquid density), f, (gas viscosity), H; (liquid viscosity), and

g} (surface tension).

13.6.9. Slug Detection and Control Systems

Although slug control is very important to avoid facility damage and upsets,
control options are limited. The potential impact of slugging on the topside
system operation must be addressed and then analyses of the subsea system
carried out to assess the effects. Usually a trade-oft results between the design
of slug catchers and the optimization of the flowline to reduce slugging.
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Slugs have been successtully detected using gamma densitometers located
on the riser, acoustical measurements, and measurements of pressure at the
base of the riser. Slug detection systems should be considered when predicted
slugging is expected to give operational difficulties and/or when an advanced
control system is to be used for slug mitigation. In this case, the slugging
simulations should include advanced controls to test the control algorithm.
Flow assurance and process disciplines should demonstrate advanced controls
to critically dampen predicted slug volumes and frequency.

13.6.10. Equipment Design for Slug Flow

The design of slug catchers, separators, and control systems in downstream
pipelines is based on the presence and severity of slug flow in the system.
The parameter estimations of slug volumes, liquid and gas rates exiting the
pipeline as a function of time, etc., must be factored into